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UNITED STATES ENVIRONMENTAL PROTECTION AGENCY

REGION 2



290 Broadway

New York, NY 10007-1866



September 27, 2000



Mr. Robert L. Ewing

Project Manager

New York State Department

of Environmental Conservation

Division of Environmental Permits

50 Wolf Road

Albany, New York 12233-1750



Re: 	 Prevention of Significant Deterioration of Air Quality (PSD) 
Proposed Sithe Heritage Station Generating Facility, Scriba, New York 


Dear Mr. Ewing: 


The Region 2 Office of the U.S. Environmental Protection Agency (EPA) has reviewed the 
August 8, 2000 draft PSD permit prepared by the New York State Department of Environmental 
Conservation (NYSDEC) for the Heritage Power, L.L.C.'s proposed facility in Scriba, New York. 
Based on our review, we have determined that the permit applicant has not demonstrated that 2-4 
ppm CO (or less) is not best available control technology (BACT) for this facility. Therefore, the 
proposed CO BACT emission concentration of 7.2 ppm at 15% O2 and 45.1 lb/hr, achieved 
through efficient combustion techniques, cannot be considered BACT. (Please note that 
although the draft PSD permit lists the CO emission rate as 45.0 lb/hr and 7.0 ppmvd at 15% O2, 
it is our understanding that the permit applicant has requested that the proposed limit reflect the 
actual permit application. NYSDEC has tentatively agreed to change the permitted emission 
rates to 45.1 lb/hr and 7.2 ppmvd at 15% O2). 


By way of background, Heritage Power, L.L.C. proposes to construct and operate a new 
combined-cycle electric generating facility consisting of two new General Electric (GE) Steam 
and Gas (STAG) 107H system combustion turbine generators, two heat recovery steam 
generators (without supplementary duct firing), two steam turbine generators, one auxiliary boiler 
and one emergency generator. The primary fuel will be natural gas with 0.05% low sulfur fuel 
oil as backup. The nominal electric generating capacity of the proposed facility will be 
approximately 800 megawatts. The proposed facility’s current potential to emit for the pollutant 
CO is 399 tons/year (based on a 45.1 lb/hr CO emission rate per turbine or 395 tons/year for both 
turbines and approximately 4 tons/year from the auxiliary boiler and emergency generator). The 
applicant provided two cost analyses for the installation of a CO catalyst (based on an 
uncontrolled 42 lb CO/hr [6.7 ppm] to a post-controlled 6.29 lb CO/hr [1.0 ppm] with an 85% 
control efficiency). The first cost analysis, from Engelhard, has a cost per ton of CO removed of 
$3,126. The second cost analysis, which includes the original Engelhard estimate plus the 







estimated markup of $439,000 for the Heat Recovery Steam Generator (HRSG) vendor and the 
Engineering, Procurement and Construction (EPC) contractor, has a cost per ton removed of 
$3,708. 


However, since the draft permit has a 45.1 lb/hr (7.2 ppm) CO emission limitation and not 42 
lb/hr (6.7 ppm), EPA recalculated the above costs starting with 7.2 ppm down to 1.0 ppm. This 
yields costs of $2,876 per ton of CO removed for the first cost analysis and $3,412 per ton of CO 
removed for the markup cost analysis. EPA considers these two cost analyses ($2,876 and 
$3,412) to be an acceptable cost for BACT purposes. Therefore, EPA deems the installation of a 
CO catalyst to be BACT for this proposed facility since this will provide the CO emission 
concentration that will be similar to recent proposed/final CO BACT determinations. 


Some of the recent PSD permits issued or under review have required or proposed the following 
CO limits with a CO catalyst: 


1. Sithe Mystic Development (1550 MW), MA - 2 ppm CO 
2. Cabot Power (350 MW), MA - 2.0 ppm CO 
3. ANP Blackstone (580 MW), MA - 3.0 ppm CO 
4. ANP Bellingham (580 MW), MA - 3.0 ppm CO 
5. Dighton Power (170 MW), MA - 4.0 ppm CO 
6. Mantua Creek (881 MW), NJ - 3.0 ppm CO 
7. AES Red Oak (816 MW), NJ - 4.0 ppm CO 
8. PDC- El Paso Milford LLC (540 MW), CT - 2.0 ppm CO 
9. Lake Road Generating (792 MW), CT - 3.0 ppm CO 
10. Calpine - Sutter Power (500 MW), CA - 4.0 ppm CO 
11. High Desert Power Project (700 MW), CA - 4.0 ppm CO 


Based on information that we have, it is not clear to us why Heritage Power, L.L.C cannot 
achieve the same level of CO control that these projects have. 


It is GE's position that this new GE STAG 107H turbine is an inherently cleaner unit which 
achieves low emissions through pollution prevention. An August 30, 2000 letter addressed to me 
from Messrs. Joel Chalfin and Thomas O. Dreisbach, Jr. of GE Power Generation states, in 
pertinent part, that "...Heritage Power is the U.S. launch site for GE's next generation of turbine 
technology, which is referred to as the 7H." "...To achieve the 7H efficiency target while 
minimizing the environmental impacts requires the use of the proven combustion technology 
from GE's 'FA' class gas turbines.” “ GE's data collected to date on 7FA gas turbines has 
demonstrated that every unit tested has emissions of ...CO measured below U.S. EPA 
Method 10 detection levels [emphasis in the original]. Measured data from fourteen 7FA gas 
turbines ...document base load CO levels averaging well below 2 ppmvd @ 15% O2. We expect 
the data shown to be representative of the 7H." 


While EPA understands that the new GE STAG 107H model turbines have not been thoroughly 
field tested, EPA sees the following options available to GE to avoid the installation of a CO 
catalyst: 







1. 80%-20% Option - GE has stated that based on actual data collected from GE's existing 
7FA gas turbines, GE expects the new 7H gas turbines to emit well below 2 ppm CO @ 15% O2 


during base load operations. Generally for CO, extreme ambient conditions concurrent with part 
load operations will make these turbines achieve a CO concentration of 7 ppm. For Heritage 
Power, according to GE, extreme ambient conditions are expected at -19oF and 100% relative 
humidity, which are experienced very infrequently at the site for this proposed facility. Based on 
these facts, as presented to us, it would not be unreasonable to require that during at least 80% of 
the time (7,008 hours/year) the facility should achieve a CO concentration of 3.0 ppm or less and 
during the remaining 20% of the time (1,752 hours/year) the facility should achieve a CO 
concentration of 7.2 ppm or less to account for extreme ambient conditions coupled with part 
load operations. Under this approach, the CO potential to emit from each of the two turbines 
would be approximately 105 tons/year and a recalculation of the CO BACT analysis would 
provide for a cost-per-ton removed of well over $6,000 per ton. If this is the case, the installation 
of the CO catalyst would not be BACT. 


2. Innovative Control Technology Waiver for CO - EPA regulations allow the 
installation of new technology that has not yet been proven under the auspices of the innovative 
control technology waiver. Innovative control technology means "any system of air pollution 
control that has not been adequately demonstrated in practice, but would have a substantial 
likelihood of achieving greater continuous emission reduction than any control system in current 
practice or of achieving at least comparable reductions at lower costs in terms of energy, 
economics, or nonair quality environmental impacts." In general, what this would mean in 
practice is that the applicant will be given a period of no more than three years to come into 
compliance with the BACT level determined at the time of the permit issuance. If the facility 
fails to achieve this level of BACT at the end of this period, the applicant is then committed to 
install the CO oxidation catalyst. Given the current stage of the permitting process for this 
project, if the applicant decides to pursue this waiver, EPA will work with NYSDEC on a timely 
manner to expedite the development of the permit conditions/approvals required for this waiver. 


If you need to discuss this further, please contact me at (212) 637-4074 or Frank Jon at (212) 
637-4085. 


Sincerely, 


/s/ 


Steven C. Riva, Chief 
Permitting Section 
Air Programs Branch 


cc: 	 John Higgins, NYSDEC - Albany 
Reginald Parker, NYSDEC Region 7 








State or 
Region


Average Cost 
Effectiveness 


($/ton)


Incremental 
Cost 


Effectiveness 
($/ton) Facility Type


VCAPCD 18,000 All facilities
NJ 13,196 2 112-MW coal fired boilers
FL 5380-6810 465-MW coal-fired boiler
NJ 13,196 218-MW coal-fired boiler
SJVAPCD 9,700 All sources
FL 5,978 330 MW coal-fired boiler
VA 3,800 14,000 2 spreader-stoker coal-fired boilers
OH 8,122 Gas turbines
KY 3,000-6,500 All facilities N0x removal
PA 5,993 Coal-fired boiler
IEA 1,213-4,681 Coal-fired boilers
WY 934 Coal-fired boiler
Region 4 4,000 - 5,000 All facilities
Region 5 >7,500 All facilities permitted in Regions 5
KS 1,690 570 MW coal-fired boiler
Region 5 3,700 All facilities
Region 5 4,300 SCR Steel Reheat Furnace
MN 11,185 SS gas turbines
Region 4 5,200 Combustion turbines
Region 2 2,876-3,412 All sources
MT 5,800 CC Gas turbine
OH 11,325 3 170 MW gas turbines
OAQPS 10,000 All Sources
KS 2,873 660 MW coal-fired boiler
KY 3,709 Coal-fired boiler
BAAQMD 17,500 All sources
San Diego 12,000-19,000 All sources
WY 4,156 7,742 500-MW coal-fired boiler
IA 3,183 790 MW
AR 5,108 Gas turbines
CT 9,000 Gas turbines
FL 2,606 Gas turbines
MI 22,000 Gas turbines
SCAQMD 19,100 57,200 All facilities
LA 12,417 refinery heaters
WI 6,116 500 MW coal-fired boiler
MT 541 1,332 2 390 MW units
NV 10,909 35,439 500 MW 2 gas turbines







WI 10,000 All facilities
MO 949 4,748 275 MW
WI 6,116 500 MW SCPC
FL 6,700 2 SS gas turbines
NV 13,375 30,387 2 CC gas turbines
AZ 9,478 6,225 CC gas turnine
WY 1,511 3,512 422 MW coal-fired boiler
AR 14,111 Refinery furnace


NOTES: 
(1)  Linero 5/6/201 (clarifying "the $2,600/ton value..is a reflection of what SCR cost for a g                
(2) Abbreviations: CC = combined cycle gas turbine; SC = simple cycle gas turbine; SCPC = su     
SCR = selective catalytic reduction; OFA = overfire air; LNB = low Nox burner; DLNB = dry lo   


Minimum 541 1332
Maximum 22000 57200







Facility Name Control


Permit or 
SCR Statup 


Date


1988
Chambers (Carney's Point) LNB/OfA/SCR 12/20/1990
Stanton Unit 2 LNB/OFA/SCR 8/1/1991
Logan (Keystone) LNB/OFA/SCR 9/6/1991


1991
Indiantown Cogeneration LNB/OFA/SCR
Hadson Power Buena Vista SCR 1992
DP&L Montgomery 1993


6/11/1995
Mon Valley Energy Partners LNB/SCR 8/8/1995


1995
Encoal Co-Gen LNB/OfA/SCR 10/10/1997


1998
Steel Dynamics 4/5/1999
Hawthorne SCR 8/12/1999


1999
SCR 1999


Great River Energy DLNB 1999
SCR 2000


2000
Silver Bow SCR 2000
AEP Waterford Energy DLNB/SCR 2000


2001
Holcomb Unit 2 LNB/OFA/SCR 10/8/2002
Big Sandy Unit 2 LNB/OFA/SCR 2002


2002
2002


Wygen 2 LNB/SCR 2002
Midamerican Walter Scott LNB/OFA/SCR 2002


2002
2002
2002
2002
2003


Batton Rouge Refinery ULNB 2002
Weston LNB/OFA/SCR 2003
Bull Mountain LNB/OFA/SCR 2003
Ivanpah Energy Center LNB/SCR 2003







2004
City of Springfield - Southwest Po SCR 2004
Weston LNB/SCR 2004
Arvah B. Hopkins Gen. Station WI/SCR 2004
Tracy Substation SCR 2005
Wellton Mohawk LNB/SCR 2005
Dry Fork Station LNB/OFA/SCR 2007
Union SCR 2007


                gas-fueled power plant project at the time of the survey rather th     
                uper critical pulverized coal-fired boiler
                 ow Nox burner







Reference


VCAPCD 12/20/88 (Ex. 91)
Haber 2002, Appx. A, Table 10 (Ex. 14); SOB Table 8 (AR Doc 65)
Stanton Supp BACT Analsysis, pdf 63, Table 2.3-1 (Ex. 77); see 9/25/92 Worley Letter (Ex. 57)
RBLC NJ-0015 (Ex. 79); Haber 2002, Appx. A, Table 10 (Ex. 14); SOB Table 8 (AR Doc 65); see also Wagner et    
SJVAPCD Cost Effectiveness Thresholds  (Ex. 78)
Indiantown Cogen Site Certification Ap., vol. 2, Table 3.4.3-2 (Ex. 69); see 9/25/92 Worley Letter (Ex. 57);  W       
Hadson Power Eng Analysis at 21 (Ex. 71)
RBLC #OH-0253 (Ex. 92)
In re Columbia Gulf Transmission Company, PSD Appeal No. 88-11, 1989 WL 266361, EAB June 21, 1989
Haber 2002, Appx. A, Table 10 (Ex. 14)
Mitsuru Takeshipa IEA 1995, Table 7 (Ex. 28)
Haber 2002, Appx. A, Table 10 (Ex. 14); SOB Table 8 (AR Doc 65)
1/15/98 Neeley Letter (Ex. 20)
Minnkota Cost Nox Som E-mail Region 5 at 3 (Ex. 60)
Haber 2002, App. A, Table 10 (Ex. 14); see also 4/24/02 Wygen Permit Analysis (Ex. 58)
10/6/99 Miller Letter (Ex. 23)
4/30/99 Blakley Letter (Ex. 63)
RBLC #MN-0052, Great River (Ex. 80)
3/16/2000 Neeley Letter (Ex. 62)
9/27/00 Riva Letter ('EPA considers these two cost analyses ($2,876 and $3,412) to be an aceptable cost for    
RBLC #MT-0019, Silver Bow (Ex. 81)
RBLC #OH-0255,AEP Waterford (Ex. 82)
1/19/01 Seitz Letter to Division Directions Regions I-X (upper bound for presumptive BACT at refineries) (Ex  
RBLC#KS-0026 (Ex. 59)
Youmans Testimony Big Sandy 2002, pdf 7-8.
BAAQMD BACT/TBACT Workbook 2002 (Ex. 64)
Cost Effectiveness Thresholds San Diego (Ex. 83)
Wygen Permit Analysis at 4 (Ex. 58)
RBLC #  IA-0067 (Ex. 75)
Hadari et al. 2002 (Ex. 66)
Hadari et al. 2002 (Ex. 66)
Linero 5/6/2010 email (Ex. 84); Hadari et al. 2002.  (Ex. 66)
Hadari et al. 2002  (Ex. 66)
SCAQMD BACT Guidance adopted in 1995 and adjusted to 2003$ in SCAQMD 7/14/06 (Ex. 61)
RBLC #LA-0123, Baton (Ex. 85)
RBLC #WI-0228 Weston (Ex. 73)
RBLC # MT-0022 (Ex. 74)
RBLC #NV-0038 (Ex. 86)







WDNR Weston 4 Prelim Determin, 2004, Sec. 5.9.4 (Ex. 27)
RBLC # MO-0060 (Ex. 72)
RBLC # WI-0228 (Ex. 73)
RBLC #FL-0261 (Ex. 87)
RBLC#NV-0035 (Ex. 88)
RBLC #AZ-0047 (Ex. 89)
Dry Fork Incremental Nox Cost 2007 (Ex. 70)
RBLC #AR-0100 (Ex. 90)


                           an a cost-effectiveness tipping point.")







                      al. 2001 (Ex. 29)


                  Wagner et al. 2001  (Ex. 29)


                 r BACT purposes.") (Ex. 68)
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INTRODUCTION 
 


The Clean Air Act’s Prevention of Significant Deterioration (PSD) program was 


designed to do just what the name suggests: prevent air quality degradation and so protect 


human health and welfare.  In order to anticipate increases in air pollution, power plant 


operators must perform detailed projections of their future emissions before they modify 


their facilities.  Just as drug manufacturers must test their products to determine whether 


they are safe before putting them on the market, power plant operators must assess their 


projects to establish whether proposed modifications “would result” in increased 


pollution before they begin construction.  EPA’s implementing regulations detail the 


projection process.  Where that projection indicates an operator’s modification of its 


facility would result in increased emissions, the facility must obtain a permit setting 


emissions limitations for future operation of the modified plant.   


Between 2003 and 2006, Oklahoma Gas & Electric Co. (OG&E) implemented a 


suite of extensive renovation projects at its Sooner and Muskogee electric generating 


facilities.  But OG&E did not perform the required emissions projections to assess 


whether these upgrades would lead to a significant increase in pollution before it began 


construction.  Instead, the Company proposed a “plan of action” whereby it would 


temporarily constrain its emissions for a short while after its projects were completed.  


OG&E said its action plan sufficed for compliance, but in fact it is a roadmap for evasion.  


OG&E’s proposal seeks to install a loophole that runs contrary to the statute, the 


regulations, and EPA’s longstanding interpretation of its own rules.  Where the Clean Air 


Act mandates enforceable protections for public health and welfare, OG&E offers 
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unenforceable promises.  Where the Act requires the prevention of pollution increases, 


OG&E offers mere delay.   


Most importantly for this action, OG&E insists that its proposed plan immunizes it 


from protective or preventative enforcement actions under the Clean Air Act.  


Notwithstanding its express purpose and language, OG&E insists the PSD program is, in 


effect, a “wait-and-see” program, and an enforcement action will not be ripe unless and 


until the Company deviates from its plan to keep its emissions below regulatory 


“significance” levels.  But nothing in the Act or the regulations requires the United States 


to wait for OG&E to harm public health before bringing an enforcement action, just as 


nothing would require the United States to stand idly by as a pharmaceutical company 


sold an untested drug.  Pursuant to 28 U.S.C. § 2201 and Fed. R. Civ. P. 57, the United 


States requests a declaration of law as to this critical, threshold issue.  The parties have 


reached an impasse as to the fundamental operation of the governing law—and, indeed, 


whether judicial enforcement may even be available.  The United States believes a 


speedy resolution of this point would best serve judicial efficiency, protect the public 


fisc, and promote a resolution in this case.    


BACKGROUND 
 
 The Parties have an immediate and concrete dispute as to the operation of PSD 


regulations.  The PSD rules state that an operator must evaluate its future emissions 


before modifying its facilities; if an operator expects to increase air pollution by more 


than a certain amount, it must get a permit and employ pollution control techniques 


before any excess pollution harms the public.  OG&E has claimed in letters to state 
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regulators that an unenforceable, temporary plan to limit emissions to just below PSD 


triggering levels constitutes compliance with the rules.  It does not.  The United States 


thus respectfully requests that this Court declare OG&E’s “proposed plan of action for 


compliance” insufficient as a matter of law to comply with PSD’s preconstruction 


emissions projection requirements, and direct the Company to submit proper projections 


for its upgrades to regulatory authorities for review and for all necessary permits. 


I.  Congress’ PSD Program 


Congress enacted the CAA “to protect and enhance the quality of the Nation’s air 


resources so as to promote the public health and welfare and the productive capacity of 


its population.”  42 U.S.C. § 7401(b)(1).  In 1977, Congress added the New Source 


Review (NSR) Program—which includes the PSD provisions—after earlier programs 


failed to achieve the Clean Air Act’s statutory goals.  Envtl. Def. v. Duke Energy Corp., 


549 U.S. 561, 567–68 (2007).   PSD aims to “protect the public health and welfare from 


any actual or potential adverse effect” that might result from air pollution—even in 


places where national air quality standards are met.  42 U.S.C. § 7470(1).1 


Under the program, new sources of air pollution must obtain permits and operate 


state-of-the-art pollution controls—“best available control technology” or “BACT” in 


CAA parlance—in order to meet emissions limitations.  42 U.S.C. §§ 7475(a)(1), (4), 


7479(3).  To ease the initial burden of complying with PSD, Congress “grandfathered” 


                                                 
1  See also Stat. of Rep. Rogers, Clean Air Conf. Rep. (1977), 123 CONG. REC. 


27,070 (1977) (“First, and foremost, protection of the public health remains the 
paramount purpose and value under the Act . . . [T]he overriding commitment of the 1977 
Act (just as the 1970 legislation) is to the protection of public health.”)  
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existing sources from the program.  However, existing sources have to come up to 


modern air pollution emissions standards if they make “modifications” to their facilities.  


42 U.S.C. §§ 7479(2)(C), 7411(a)(4); New York v. EPA, 413 F.3d 3, 13 (D.C. Cir. 2005).   


As crafted by Congress, the PSD Program is a preconstruction review and 


permitting program.  An operator must determine whether PSD requirements apply to a 


given project before it begins that project; the statute specifically bars construction or 


modification of a facility “unless . . . a permit has been issued,” 42 U.S.C. § 7475(a)(1).  


Such permits require a number of “preconditions.”  Alaska Dept. Env. Consv. v. EPA, 540 


U.S. 461, 472 (2004).   For example, operators must demonstrate prior to construction 


“that emissions from construction or operation of such facility will not cause, or 


contribute to, air pollution in excess” of various air quality standards.  Id. § 7475(a)(3) 


(emphasis added).  The operator must also analyze the “air quality impacts projected for 


the area as a result of growth associated with [the] facility.” Id. § 7475(a)(6) (emphasis 


added).  Thus, the statute makes it “abundantly clear that PSD applicability is to be 


determined prior to the commencement of a project.”  United States v. Ohio Edison Co., 


276 F. Supp. 2d 829, 881 (S.D. Ohio 2003). 


Of course, Congress authorized EPA to bring enforcement actions wherever 


sources have violated or are in violation of the Clean Air Act’s requirements.  See 42 


U.S.C. § 7413.  But Congress also backed up PSD’s pollution-prevention directive with 


enforcement provisions that allow EPA, state agencies, and citizen groups to bring 


enforcement actions against operators before construction begins and before pollution 


increases occur and affect public air resources.  42 U.S.C. §§ 7477, 7604(a)(3); United 
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States v. Xcel Energy Inc., 759 F. Supp. 2d 1106, 1113 (D. Minn. 2010) (The CAA 


“clearly accords EPA the authority to investigate, and then to prevent through appropriate 


legal remedies, violations committed before construction commences.”).    


II.   PSD Regulations 


Under the Clean Air Act’s cooperative federalism design, PSD implementing rules 


are developed by states pursuant to the minimum federal requirements crafted by EPA.  


These “state implementation plans” or “SIPs” are subject to EPA approval; once 


approved they are federally enforceable.  42 U.S.C. §§ 7413(a), (b). 


EPA first promulgated PSD regulations in 1980.2  Oklahoma’s SIP was modeled 


after EPA’s 1980 PSD rules, and it has not been substantively updated since.3  EPA has 


since clarified and revised its PSD rules in 19924 and in 2002,5 but the pertinent parts of 


the PSD rules have never changed: as the first step in assuring public health is adequately 


protected, an operator must either (a) perform a detailed projection of future emissions to 


determine whether a modification “would result in” a significant emissions increase,6 or 


(b) accept a legally and practicably enforceable limit on future operations.7   


                                                 
2  45 Fed. Reg. 52,676 (Aug. 7, 1980). 
3  See OAPCR § 1.4.4 (Okla’s PSD SIP); 48 Fed. Reg. 38,635 (Aug. 25, 1983) 


(EPA’s approval of the Okla SIP); 40 C.F.R. § 52.1960 (cataloging EPA actions taken in 
regards to Oklahoma’s SIP). 


4  57 Fed. Reg. 32,314 (July 21, 1992). 
5  67 Fed. Reg. 80,186 (Dec. 31, 2002).   
6  Compare 40 C.F.R. § 52.21(b)(2)(i) (2012) with 45 Fed. Reg. at 52,735 (1980 


promulgation of 40 C.F.R. § 52.21(b)(2)(i)). 
7  Compare, e.g., 40 C.F.R. § 52.21(b)(3)(vi)(b) (2012) with 45 Fed. Reg. at 52,736 


(1980 promulgation of 40 C.F.R. § 52.21(b)(3)(vi)(b)). 
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A.  Emissions Projections 


True to Congress’ “[p]reconstruction requirements,” 42 U.S.C. § 7475, the PSD 


rules require operators of air pollution sources to determine whether proposed 


construction work constitutes a “major modification” before beginning construction.  


Oklahoma Air Pollution Control Regulations (OAPCR) § 1.4.1(c)(1); 40 C.F.R. 


§ 52.21(r)(1) (1984).  A “major modification” is in turn defined as a physical or 


operational change that “would result” in a significant emissions increase.  OAPCR 


§ 1.4.4(b)(2)(A) (1997) (emphasis added); 40 C.F.R. § 52.21(b)(2)(i) (1984) (same).   


Determining whether a construction project “would result” in an emissions 


increase requires a detailed analysis.  As EPA explained in the early 1990’s, a power 


plant operator should make that assessment by comparing “representative actual 


emissions for the baseline period [prior to a planned modification] to estimated future 


actual emissions [after the modification] based on all the available facts in the record.”  


EPA Guidance Document, Letter from William Rosenberg, EPA, to John Boston, 


WEPCO (June 9, 1990) (“WEPCo Remand Letter”) (Ex. 1) at 7–8.8  The projection 


should attend to a number of factors, and should be calculated by multiplying: 


                                                 
8  In Wisconsin Electric Power Company v. Reilly (“WEPCo”), 893 F.2d 901, the 


Seventh Circuit rejected EPA’s attempt to use an “actual-to-potential” test to determine 
expected post-modification emissions at a utility.  Such a test requires a utility to assume 
that it will operate at full capacity following a modification. The WEPCo Remand Letter, 
issued in response to the Seventh Circuit’s criticisms, outlined an electric utility’s 
preconstruction projection process under a more realistic actual-to-projected-actual test.  
This methodology was further clarified when EPA promulgated the 1992 Rules.  See, 
e.g., 56 Fed. Reg. 27630, 27633 (June 14, 1991); 57 Fed. Reg. at 32,335–36 (codified at 
40 C.F.R. § 52.21(b)(33) (1993) (defining “representative actual emissions”)).   
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(1) The hourly emissions rate, which is based on the unit’s physical and 
operational capabilities following the change and . . . enforceable 
operational restrictions that would affect the hourly emissions rate 
following this change; and (2) projected capacity utilization, which is based 
on (a) the unit’s historical annual utilization, and (b) all available 
information regarding the unit’s likely post-change capacity utilization. 


 
57 Fed. Reg. at 32,323; see also United States v. Duke Energy Corp., 2010 WL 3023517, 


at *5- *6 (M.D.N.C. July 28, 2010) (requiring a reasonable projection based on a broad 


range of data); Ohio Edison, 276 F. Supp. 2d at 865–66 (outlining projection 


methodology), at 875 (rejecting defendant’s argument that post-project emissions data 


determines PSD liability), & at 889–90 (requiring preconstruction projections).  This 


future projection should be performed for a period of years post-project which is 


“representative of normal source operations.”  Id.  For an electric utility, “‘normal’ 


operations means directly responding to demand for electricity.”  Id. at 32,325.9   


 Ultimately, “what is required for determining whether a construction permit must 


be sought for a planned physical change in the plant is not prescience, but merely a 


reasonable estimate of the amount of additional emissions that the change will cause.”  


United States v. Cinergy Corp., 458 F.3d 705, 709 (7th Cir. 2006).  But this 


preconstruction projection process informs what steps must be taken to protect the public 


health, so if an operator makes “no projection, or the projection is made in contravention 


of the regulations guiding how the projection is to be made, then the system is not 


                                                 
9  EPA’s subsequent 2002 rules are not applicable here because they have not been 


incorporated into Oklahoma’s SIP; but neither did they change anything about this 
projection requirement for utilities.  See 40 C.F.R. § 52.21(b)(41)(i), (ii) (2012) (defining 
“projected actual emissions” and outlining projection process); accord 67 Fed. Reg. at 
80,192 (2002 Rules make only “minor changes” to regulations for electric utilities). 
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working.”  United States v. DTE Energy Co., 711 F.3d 643, 649 (6th Cir. 2013).  Thus, 


EPA “must” be allowed to “ensur[e] that operators follow the requirements in making 


[emissions] projections.”  Id. at 650 (emphasis added); see also 42 U.S.C. §§ 7413, 7477.  


Operators that fail to evaluate the impact of their projects according to PSD’s 


requirements are “subject to an enforcement proceeding.”  DTE, 711 F.3d at 649.  


B.   Emissions Management Options 


EPA has crafted a variety of regulatory options that allow operators to “manage” 


their emissions to below PSD-triggering levels rather than assessing the effect a 


modification will have on a facility’s future emissions.  However, since “EPA cannot 


reasonably rely on a utility’s own unenforceable estimates of its annual emissions,” 


WEPCo, 893 F.2d at 917–18, operators that elect to simply manage their emissions must 


use one of these regulatory options, which provide additional assurances that their future 


operations will not harm the public health by significantly increasing pollution.   


One of the most common ways source operators avoid “major modification” 


requirements is by getting a so-called “synthetic minor” permit.  With a synthetic minor 


permit, an operator is allowed to avoid PSD review and BACT obligations if it adopts a 


legally and practicably enforceable emissions limits at or below the significance 


threshold for each pollutant.  The permit makes the reduced emissions limits enforceable 


and measures compliance with those limits against specific, verifiable parameters.  


Importantly, the emissions limits would then apply in perpetuity.  See United States v. 


Marine Shale Processors, 81 F.3d 1329, 1352, 1357 (5th Cir. 1996) (explaining concept 


of “synthetic minor” sources, and noting that a source “could avoid preconstruction 
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review as a synthetic minor source” if it agreed to enforceable operating restrictions); see 


also United States v. Cinergy Corp., No. 1:99-CV-1693-LJM-JMS, 2009 WL 94515, at 


*2 (S.D. Ind. Jan. 7, 2009) (“Had Cinergy sought pre-project synthetic minor permits . . . 


it would have been subject to an emissions cap”).  


Similarly, operators may seek to “zero out” future emissions increases with 


contemporaneous emissions decreases.  But here again, the operator can only get credit 


for the future decreases in pollution—and so avoid PSD review and BACT obligations—


where those reductions have been reduced to an enforceable requirement before 


construction.  See OAPCR § 1.4.4(b)(3)(F) & 40 C.F.R. § 52.21(b)(3)(vi)(b) (1984) (“A 


decrease in actual emissions is creditable [in the emissions calculation] only to the extent 


that . . . [i]t is federally enforceable at and after the time that actual construction on the 


particular change begins”); accord Natl. Mining Ass’n v. EPA, 59 F.3d 1351, 1362 (D.C. 


Cir. 1995) (noting that federally enforceable controls do not include “operational 


restrictions that an owner might voluntarily adopt”).10   


The requirement of readily-enforceable, do-not-exceed emissions limits like those 


involved in these alternative options is a sensible trade where operators opt out of the 


preconstruction analysis requirements in favor of an emissions management plan.  


Without such a limit, EPA could not immediately enforce PSD violations where an 


operator failed to properly manage its emissions.  Rather, EPA would have to prove in 
                                                 


10  EPA’s 2002 Rules include the “plantwide applicability limitations” provisions, 
whcih provide still another alternative to traditional preconstruction assessments, but 
which similarly require sources adopt emissions limits and various operational and 
reporting measures so compliance can be readily verified and violations can be readily 
enforced. See 40 C.F.R. § 52.21(aa); 67 Fed. Reg. at 80,208; New York, 413 F.3d at 36. 
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court that a power plant operator should have anticipated the emissions increase under the 


projection regulations—precisely the same analysis that the operator elected to avoid 


before beginning construction11— or EPA would have to establish that the post-project 


emissions increases were causally related to the already-finished modification.  Thus, 


under EPA’s longstanding implementation of Congress’ forward-looking pollution 


prevention program, if an operator elects not to provide a detailed analysis of its future 


emissions in accordance with the regulations, it must provide a legally and practicably 


enforceable assurance that its operations will not result in illegal pollution.  Any other 


approach, and air pollution sources could offload their forward-looking obligations and 


delay compliance without cost or consequence.    


III. OG&E’s “Compliance Plan”12 


1. From 2003 to 2006, OG&E undertook a suite of renovation work across the 


company’s Sooner and Muskogee facilities.  The work ultimately cost more than $80 


million.  See, e.g., Letter from D. Pollock re: Coal Plant Upgrade Status [1846] (March 


12, 2007) (Ex. 2).   


2. This work included replacing the units’ economizers which are major 


components in the units’ boilers, upgrading their high pressure and intermediate pressure 


                                                 
11   Accord Wild Earth Guardians v. Lamar Util. Bd., No. 1:09-cv-02974, 2013 WL 


1164324 at *6–*8 (D. Colo. Mar. 21, 2013) (holding utility was a “major source” for 
purposes of certain CAA regulations from the time it projected major-source levels of 
emissions until the time it obtained a synthetic minor source permit, even though it had 
never actually emitted major-source levels of pollution in the interim).   


12  As this motion presents a purely legal question, it does not set forth a statement of 
“undisputed facts” necessary for judicial decision.  However, this section provides the 
factual history giving rise to the present dispute. 


Case 5:13-cv-00690-D   Document 8-1   Filed 08/30/13   Page 18 of 40







 


11 
 


(HP/IP) turbine sections, replacing their low pressure (LP) turbine blades, and expanding 


the heating surface area of their boilers’ reheaters and superheaters.  Id.; see also OG&E 


Project Reports (Exs. 3-A–3-H) (OG&E’s submittals regarding the projects described in 


the United States’ complaint, ECF No. 1, ¶¶ 42.a – 42.h). 


3. In the days before beginning construction on each of these projects—or, 


sometimes, after a project had already begun—OG&E sent a letter to the Oklahoma 


Department of Environmental Quality (ODEQ) notifying the agency of the work to be 


done.  The letters also transmitted reports, which purported to contain OG&E’s project 


evaluations under various CAA programs. See OG&E Project Reports (Exs. 3-A – 3-H).  


4. These Project Reports are, for the purposes of this brief, substantively 


identical.  After a short description of the proposed project, each report declares: “This 


document determines potential emissions impacts for the proposed project, the potential 


applicability to . . . New Source Review (NSR), and sets forth OG&E’s proposed plan of 


action for compliance.”  E.g. 2006 Sooner 2 Project Report (Ex. 3-H) at 1.13   


5. In a section called “Emissions Impact of the Project,” each Report then sets 


forth a “projection” of future emissions.  Specifically, OG&E describes its calculation of 


its historic or “baseline” emissions levels from previous years of emissions data, and then 


calculates what it calls “the allowable increase in emissions that would not be subject to 


PSD requirements” by adding the regulatory significance threshold to the baseline 


emissions and subtracting 0.1.  For example, if a unit’s SO2 emissions during the baseline 


period was 10,000.0 tons per year (tpy), then, since the regulations deem a 40-ton 


                                                 
13  Pin cites to Project Report pages refer to the report’s internal pagination. 
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emissions increase “significant,” OG&E would have concluded 10,039.9 tpy to be an 


“allowable increase in emissions” in the years following the project.  Each report then 


collects those calculations in a table under the heading “Projected Future Actual (tpy)”:   


 


2005 Muskogee 5 Project Report (Ex. 3-F) at 5.     


6. Nowhere in the Project Reports does OG&E discuss enforceable 


restrictions on its hourly emissions rates, projected capacity utilization based on historical 


or future capacity utilization, or anticipated levels of business operations; nor does the 


Company describe how the projects would affect emissions during normal operations.   


7. Each report concludes with the following:  


PROPOSAL 
 


OG&E proposes to limit emissions . . . on [the Unit] after the [project] such 
that the emission increase will not exceed the PSD significant threshold 
increase level.  OG&E will maintain and submit to ODEQ on a calendar 
year basis for a period of five years starting with the first full calendar year 
after the date the unit resume regular operation, information demonstrating 
the [project] did not result in an emissions increase.   


 
E.g., 2006 Sooner 2 Project Report (Ex. 3-H) at 6.  
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JURISDICTION 
 


An action for declaratory judgment may be brought in any case “of actual 


controversy” and a court “may declare the rights and other legal relations of any 


interested party seeking such declaration, whether or not further relief is or could be 


sought.”  28 U.S.C. § 2201(a).  The instant case presents a definite and concrete dispute 


which affects the parties’ adverse legal interests and warrants declaratory relief—


essentially, whether administrative or judicial review is available under certain PSD 


regulations.  Cf. MedImmune, Inc. v. Genentech, Inc., 549 U.S. 118, 127 (2007) (equating 


the “actual controversy” requirement with the Constitution’s case-or-controversy 


requirement).  This Court should hear this declaratory judgment action because it 


concerns a question of federal law, and there is no more expedient or efficient alternative 


available to aid the resolution of the instant dispute.   Accord State Farm Fire & Cas. Co. 


v. Mhoon 31 F.3d 979, 983 (10th Cir.1994) (setting forth factors for consideration); 


United States v. City of Las Cruces, 289 F.3d 1170, 1184 (10th Cir. 2002) (noting 


uncertainty as to whether courts may decline to hear declaratory judgment actions when 


they present questions of federal law).   


STANDARD OF REVIEW 
 


 “[I]n enacting the NSR program, ‘Congress sought to accommodate the conflict 


between the economic interest in permitting capital improvements to continue and the 


environmental interest in improving air quality,’ and delegated the responsibility of 


balancing those interests to EPA.”  New York, 413 F.3d at 23 (emphasis added) (quoting 


Chevron U.S.A., Inc. v. NRDC, 467 U.S. 837, 851 & 865 (1984)).  If there is ambiguity in 
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the language of the CAA, a court should defer to EPA’s permissible construction as 


expressed in EPA’s regulations.  Chevron, 467 U.S. at 844.  When examining EPA’s 


regulations, the Agency’s interpretation of its own rules is entitled to even further 


deference: it is considered “controlling” as long as it is not “plainly erroneous or 


inconsistent” with the regulatory language.  Auer v. Robbins, 519 U.S. 452, 461 (1997) 


(internal citations omitted); Qwest Corp. v. Colo. Pub. Util. Comm’n, 656 F.3d 1093, 


1098 (10th Cir. 2011).  Indeed, “[i]t is well established that an agency’s interpretation 


need not be the only possible reading of a regulation—or even the best one—to prevail.”  


Decker v. NW Evntl. Def. Center, 133 S. Ct. 1326, 1337 (2013). 


ARGUMENT 


In its submittals to state regulators, OG&E claimed its unenforceable plan to 


manage its emissions for a short while satisfied its PSD obligations.  By equating its 


voluntary—and temporary—emissions management scheme with “compliance,” OG&E 


insists that no NSR enforcement action can be ripe unless and until the company fails in 


its own unenforceable plan and emissions actually do increase as a result of its extensive 


renovation work.  But as the statute, the regulations, and more than three decades of 


implementation and case law attest, the PSD program requires that sources take steps to 


protect public health before modifying facilities by assessing future pollution levels, 


undergoing review, and, where necessary, employing pollution control techniques to 


maintain emissions limitations.  This process aims to prevent degradations to air quality.  


See, e.g., 42 U.S.C. § 7470.  Thus, PSD applicability necessarily hinges on pre-


construction estimates of a project’s effect on future emissions. 
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Under the plain language of the Clean Air Act, an operator’s preconstruction 


conduct may be subject to agency review, and an operator’s preconstruction violations 


may lead to enforcement actions.  Where the statute establishes enforceable requirements 


for the protection of public health,14 OG&E offers the unenforceable promises of a 


regulated source.15  Where the statute aims to prevent emissions increases,16 OG&E 


proposes merely to delay them.17  This Court should declare that OG&E’s “plan of 


action” cannot suffice for compliance. 


I.  The Clean Air Act’s Preconstruction Mandate Does Not Allow For A 
Wait-And-See Approach To Public Health Protection 
 


There is no question that the PSD program is inherently a forward-looking, 


preconstruction program; it is in Congress’ express objective, 42 U.S.C. § 7470, it is in 


the program’s many “[p]reconstruction requirements,” id. § 7475, and it is in the 


program’s authorization of preventative enforcement, id. §§ 7477, 7604(a)(3).    


As directed by Congress, an operator must determine whether PSD requirements 


apply to a given plant modification before it begins construction; the statute specifically 


bars modification of a facility “unless a permit has been issued,” 42 U.S.C. § 7475(a)(1).  


The operator planning to construct a PSD-triggering modification must demonstrate prior 


to construction “that emissions from construction or operation of such facility will not 


                                                 
14  42 U.S.C. §§ 7475(a), 7477, 7604(a)(3). 
15  Contra WEPCo, 893 F.2d at 917–18 (“EPA cannot reasonably rely on a utility’s 


own unenforceable estimates of its annual emissions.”).   
16  42 U.S.C. § 7475(a)(1), (3), (4). 
17  Contra Ala. Power Co. v. Costle, 636 F.2d 323, 400 (D.C. Cir. 1979) (plain 


language of the statute covers all but de minimis emissions increases). 
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cause, or contribute to, air pollution in excess” of various standards.  Id. § 7475(a)(3) 


(emphasis added).  It must also provide an analysis of “air quality impacts projected for 


the area as a result of growth associated with [the] facility.”  Id. § 7475(a)(6) (emphasis 


added).  The statute thus makes it “abundantly clear that PSD applicability is to be 


determined prior to the commencement of a project.”  Ohio Edison, 276 F. Supp. 2d at 


881.18  A central purpose of this PSD review process is to impose substantive safeguards 


that ensure the protection of air quality before construction takes place.  New York, 413 


F.3d at 13; WEPCo, 893 F.2d at 909; Puerto Rican Cement Co., Inc. v. EPA, 889 F.2d 


229, 294 (1st Cir. 1989).   


True to the statute’s preventative focus, a central question when assessing PSD 


liability has always been whether an operator should have projected the modification to 


lead to emissions increases under the projection regulations, thereby triggering permitting 


and pollution control obligations.  See 45 Fed. Reg. at 52,725 (An operator should keep 


“[s]ufficient records regarding the details of . . . applicable source determinations . . . so 


as to verify that no permit was required,” and “[a]ny source which improperly avoids 


review and commences construction will be considered in violation of the applicable SIP 


and will be retroactively reviewed under the applicable NSR regulation.”); Duke Energy, 


2010 WL 3023517, at *6 (“this Court need only determine whether Duke Energy 


reasonably should have projected a significant increase in emissions” (citing Cinergy, 


458 F.3d at 707-08)).  Where an operator does not perform its projection in accordance 
                                                 


18  See also United States v. Cinergy Corp, 384 F. Supp. 2d 1272, 1276–77 (S.D. Ind. 
2005) aff’d 458 F.3d 705, 708 (7th Cir. 2006); United States v. Duke Energy Corp., No. 
1:00-CV-1262, 2010 WL 3023517, at *5 (M.D.N.C. July 28, 2010).   
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with the regulations, the operator cannot be allowed to skirt its forward-looking 


obligations by saying “let’s wait to see if emissions go up.”  As one district court put it:  


any other construction of the [Clean Air] Act and its regulations would turn 
the preconstruction permitting program on its head and would allow 
sources to construct without a permit while they wait to see if it would be 
proven that emissions would increase.  Clearly, Congress did not intend 
such an outcome, which would eviscerate the preconstruction dimension of 
the program.  Thus, the Court concludes that the issue of whether [a 
utility’s] projects required a preconstruction permit must be determined by 
reviewing evidence of the projected post-project emissions increases, and 
not by reviewing evidence of the actual post-project emissions data. 


 
United States v. S. Ind. Gas & Elec. Co. .(“SIGECO”), No. IP99-1692-C-M/F, 2002 WL 


1629817, at *2-3 & n.3 (S.D. Ind. July 18, 2002) (internal quotations and citations 


omitted); see also DTE Energy, 711 F.3d at 649 (“[I]f EPA were barred from challenging 


preconstruction projections that fail to follow regulations, New Source Review would 


cease to be a preconstruction review program.”). 


Yet OG&E’s submittals ask for a free pass from the Act’s preventative 


requirements.  In its Project Reports, OG&E proposes that its voluntary—and 


temporary—emissions management scheme is compliant with the CAA requirements.  


E.g. 2006 Sooner 2 Project Report (Ex. 3-H) at 1, 6.  Essentially, OG&E insists that, 


unless and until the company fails to follow its own plan—that is, until its facilities 


increase their emission of harmful pollution—EPA cannot bring an NSR enforcement 


action against it.  OG&E’s “plan of action” would turn the PSD preconstruction 


permitting program into a “wait and see” program under which an operator need do 


nothing more than pronounce its intention that its emissions will not increase as a result 
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of its proposed modification.  As the Sixth Circuit recently put it, “[t]hat is not correct.”  


DTE Energy, 711 F.3d at 649.   


The Seventh Circuit made it clear more than 20 years ago that NSR applicability 


should be determined based on a “realistic assessment” of future emissions, and that 


“EPA cannot reasonably rely on a utility’s own unenforceable estimates of its annual 


emissions.”  WEPCo, 893 F.2d  at 917–18 & n.14 (quoting, inter alia, Alabama Power , 


636 F.2d at379).  Nothing in the statute forces EPA to stay its hand at the behest of the 


operator, or wait and see if a project results in harmful pollution increases before acting 


to protect public health.  In fact, the Act “clearly accords EPA the authority to 


investigate, and then to prevent through appropriate legal remedies, violations committed 


before construction commences,” and so long before emissions increase.  Xcel Energy, 


759 F. Supp. 2d at 1113 (emphasis added).   


But under the Company’s approach, an operator need not undertake a careful 


projection of future emissions, contra 57 Fed. Reg. at 32,323, nor perform a pre-project 


assessment of air quality impacts, contra, e.g., 42 U.S.C. § 7475(a)(3).  Rather, an 


operator need only claim that it will manage its emissions post-project to avoid triggering 


PSD.  According to OG&E, such unenforceable pledges foreclose the public’s right to 


protective enforcement or preventative action.  That cannot be.  Congress mandated an 


enforceable, preconstruction program, 42 U.S.C. §§ 7475, 7477, and EPA’s PSD Rules 


did not repeal that statutory directive.  See Fed. Express Corp. v. Holowecki, 552 U.S. 
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389, 401–02 (2008) (rejecting an interpretation of a regulation because it would be in 


“tension with the structure and purposes” of the authorizing statute).19  


To be sure, pollution control measures can be expensive, and an operator may see 


value in delaying that expenditure as long as possible.  See Wilson v. Burlington N. RR. 


Co., 803 F.2d 563, 566 (10th Cir. 1986) (J. McKay, concurring) (recognizing the 


“potentially immense value of money over time”); see also Barnard v. Theobald, Nos. 


11-16625, 11-16655, 2013 WL 3285286  at *7 (9th Cir. July 1, 2013) (warning parties 


might “exploit the time value of money” by working to “delay[] payment.” (internal 


citations omitted)).  But to ignore PSD’s preconstruction requirements is to ignore the 


law: Congress has already decided that pollution controls should be employed when a 


facility is modified.  See WEPCo, 893 F.2d at 909.  Though it’s implementation may 


“prove inconvenient and costly to affected industries[,] . . . the clear language of the 


statute unavoidably imposes these costs except for de minimis [emissions] increases.”  


Ala. Power, 636 F.2d at 400 (italics added); see also United States v. S. Ind. Gas & Elec. 


Co., 245 F. Supp. 2d 994, 1009-10 (S.D. Ind. 2003) (CAA’s broad definition of 


“modification” is illustrative of Congressional intent for broad NSR applicability). 


Ultimately, OG&E’s proposal would install an exception to NSR applicability that 


swallows the preconstruction rule and swaps out pre-harm protections for post-harm 
                                                 


19  See also Koch Indus. v. United States, 603 F.3d 816, 821 (10th Cir. 2010) 
(“[I]mplementing regulations must be interpreted so as to harmonize with and further and 
not to conflict with the objective of the statute it implements.” (internal quotations 
omitted)); Sec. of Labor, Mine Safety, & Health Admin. v. Western Fuels-Utah, Inc., 900 
F.2d 318, 320 (D.C. Cir. 1990) (same); Anthony v. United States, 520 F.3d 374, 380 (5th 
Cir. 2008) (“[C]ourts should not interpret an agency regulation to thwart the statutory 
mandate it was designed to implement.” (internal quotations omitted)). 
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litigation.  The Company’s proposed scheme is flatly inconsistent with the PSD program; 


as the Sixth Circuit recently held in DTE Energy, an “operator has to make projections 


according to the requirements for such projections contained in the regulations.  If the 


operator does not do so, and proceeds to construction, it is subject to an enforcement 


proceeding.”  711 F.3d at 649. 


II.  The Regulations Do Not Accept Bare, Unenforceable Promises In Place Of 
Detailed Emissions Analyses 


 
Under the PSD regulations, operators must project how a modification will affect 


the facility’s future emissions by considering a wide array of factors.   See 57 Fed. Reg. at 


32,323 (describing projection calculation); 40 C.F.R. § 52.21(b)(33) (1993) (defining 


“representative actual emissions”).  Although proper projections should consider “all 


available information,” an operator may not base its projection on an unsupported and 


unenforceable plan to limit emissions during the period covered by the projection; EPA 


“cannot reasonably rely on an operator’s own unenforceable estimates of its annual 


emissions” when evaluating the adequacy of an operator’s emissions projection.  


WEPCo, 893 F.2d at 917; see also WEPCo Remand Letter (Ex. 1) at 6.  Thus, operators 


must either perform detailed emissions projections in accordance with the regulations 


which are reviewable by enforcement agencies and courts of law, or they must accept 


legally and practicably enforceable emissions limits going forward.  Supra Background 


§ II.  Should an operator seek to escape a PSD-triggering increase by counting 


simultaneous decreases in operations or emissions, the operator may only get credit for 


those emission reductions if they are enforceable at the time of a modification.  See 
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OAPCR § 1.4.4(b)(3)(F) and 40 C.F.R. § 52.21(b)(3)(vi)(b) (1984) (“A decrease in actual 


emissions is creditable [in the emissions calculation] only to the extent that . . . [i]t is 


federally enforceable at and after the time that actual construction on the particular 


change begins”); accord Natl. Mining, 59 F.3d at 1362 (noting that federally enforceable 


controls do not include “operational restrictions that an owner might voluntarily adopt”).  


Put simply, an operator’s unsupported and unenforceable plans do not satisfy the 


regulations’ projection requirement or the statute’s pollution prevention mandate.   


This does not mean every projection performed by an electric utility must be 


turned into an enforceable emissions limitation.  Rather, operators must follow the 


emissions projection requirements set forth in the Rules and EPA guidance documents—


the requirements crafted to ensure an analysis will protect the public health in advance of 


an emissions increase.  A utility is welcome to avoid performing a detailed projection by 


making a bare promise to keep its emissions below significance levels—but only if that 


promise is reduced to a readily-enforceable emissions limitation.  OG&E has done 


neither, asking instead for a free pass from the protective requirements of the CAA, and 


offering the cold comfort of PSD enforcement only after pollution increases.   


EPA squarely addressed the issue of voluntary restrictions in an administrative 


proceeding regarding another electric utility, Wisconsin Power and Light.  See Order of 


the Administrator, In re: Wisc. Pow. & Light, Columbia Gen. Station (“Columbia 


Generating Order”) (Oct. 8, 2009) (Ex. 4) at 7–9 (interpreting regulations based on 


EPA’s 1992 PSD Rules).  There, the State granted a permit application in which 


Wisconsin Power and Light had indicated its future emissions would be “managed” to 
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stay below “the sum of past actual emissions plus the significance threshold.”  Id. at 6, 8.  


The State reasoned that, “so long as the facility would be operated in a way that would 


not result in a significant net emissions increase, the project would not be a major 


modification,” and offered that the applicant would limit its emissions for five years 


following the project.  Id. at 8.  EPA proclaimed this a “faulty analysis.”  Id.  The Agency 


objected to the State’s permit, and the Administrator explained that, “[s]ince this artificial 


emission limit could not be considered ‘representative actual annual emissions of the 


unit’ following the physical change, [the State] used the wrong methodology for 


measuring post-project emission increases for an electric utility steam generating unit.”  


Id. at 9.20 


Similarly, by merely “agree[ing] informally to constrain” its post-project 


emissions, OG&E used the “wrong methodology” for calculating its projected emissions.  


Id.; see also 40 C.F.R. § 52.21(b)(33) (1993) (defining “representative actual 


emissions”).  Unless it adopts a legally and practicably enforceable emissions limit, a 


company must project future emissions that are representative of normal source 


operations.  57 Fed. Reg. at 32,325.  As EPA explained when it rejected Wisconsin 


Power and Light’s permit, absent from the company’s plan to use “post-project emissions 


management as a way to avoid PSD[ was] an explanation of how providing for a period 


of five years in which a facility artificially limits its emissions, and monitors to stay 


                                                 
20  See also EPA Guidance Document, Letter from Dianne McNally (U.S. EPA) to 


Mark Wejkszner (Pa. Dep’t Envtl. Protection) (April 20, 2010) (Ex. 5) at 3 (Company’s 
PSD analysis rejected as insufficient where projected emissions were determined “simply 
on the basis of calculating a level that would result in an emissions increases from the 
project that are below PSD significance levels.”).  
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below the significance threshold, is consistent with this requirement.”  Columbia 


Generating Order (Ex. 4) at 9.  EPA’s interpretation makes sense: where the statute 


contemplates preventing emissions increases, projections of future emissions should 


focus on whether a project will enable a facility to pollute more when operated under 


normal (responding directly to demand) conditions. OG&E cannot claim its mere 


statement of intent to temporarily manage emissions complies with the regulations’ 


preconstruction projection requirements.  


The structure of the PSD rules further underscores the absurdity of OG&E’s 


proposal.  The rules proscribe construction of “major modifications” that “would result” 


in increased air pollution unless the operator has obtained a permit for the modification.  


OAPCR § 1.4.4(b)(2), (c) (emphasis added); 40 C.F.R. § 52.21(b)(2)(i) (1984) (same).  


They also require a facility to perform an “air quality impact evaluation” to show that 


emissions “will not cause or contribute” to air pollution violations; and to demonstrate 


that proposed pollution controls are the best available wherever significant emissions 


increases “would occur as a result” of the modification.  OAPCR §§ 1.4.4(e), (f) 


(emphasis added); see also, e.g., 40 C.F.R. §§ 52.21(j), (k), (m), (o) (1984) (imposing 


various preconstruction analysis obligations).  The PSD rules are filled with 


preconstruction requirements which mirror those of the statute—all of which would be 


completely superfluous or entirely unenforceable if an operator could simply proclaim its 


intent not to increase emissions and wait to be proven wrong in court with post-project 


emissions data.  Contra Time Warner Ent. Co., L.P. v. Everest Midwest Licensee, LLC, 


381 F.3d 1039, 1050 (10th Cir. 2004) (a regulation should be interpreted so “no part is 
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rendered superfluous” and such that it does “not conflict with the objective of its organic 


statute” (citations omitted)); see also Morris v. U.S. Nuclear Regulatory Comm’n, 598 


F.3d 677, 706 (10th Cir. 2010). 


Although it is plain as a matter of law that mere statements of intent and 


unenforceable “plans of action” cannot replace emissions projections under the PSD 


Rules, OG&E’s internal discussions of its renovations help illustrate why that must be the 


case.  OG&E’s own documents underscore that its proposal was but a temporary 


management plan aimed at avoiding the expense of pollution control devices (such as 


“scrubbers”).  In a letter with the subject line “Coal Unit Operation After Certain 


Maintenance Upgrades,” OG&E’s Manager of Power Supply Services explained the 


Company’s strategy: 


It was decided when we made the upgrades that Power Supply would 
operate, for at least five years after the last upgrade to a unit, at or below 
the original design conditions of the unit. . . .  It is recognized the units will 
make a few more Megawatts output due to efficiency improvements and we 
should utilize that improvement.  We agreed not to take full advantage of 
the upgrade capability due to environmental considerations that could 
be imposed on the units. 


 
Letter Attached to Email from O.W. Beasley to J. Parham, Nov. 27, 2007 [1843 002] (Ex. 


6) (emphasis added).  As the manager elaborated in the context of work performed at 


Muskogee Unit 4: 


we opted to place a cap on our emissions in order to avoid triggering new 
regulations.  New regulations would likely have required a scrubber and 
NOX control. . . .   We committed to remain under the cap for 5 years.  


  
Letter from D. Branecky to A. Gould, Sept. 14, 2006 [1865 001] (Ex. 7).  Plainly, 


OG&E’s own discussions of its facility upgrades highlight the concern that the work may 
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well lead to an emissions increase in the years to come, after the expiration of the 


Company’s temporary management plan.  See also Email from Larry Kuennan, July 29, 


2004 [1854 001] (excerpted at Ex. 8) (describing operation of OG&E units under 


environmental constraints for 5 years following upgrades performed at each unit).  


OG&E’s “compliance” plan therefore fails both the letter and the spirit of PSD 


law.  OG&E did not project its emissions during years of “normal operations,” cf. 57 Fed. 


Reg. at 32,325, opting instead to delay normal operations by artificially constraining 


emissions for a short while.  To comply with PSD’s forward-looking requirements, 


operators must either perform detailed calculations in accordance with the regulations, or 


adopt enforceable emissions limits; one way or another, operators must take steps to 


assure the public its construction projects will not lead to increases in air pollution.  See 


supra Background § II.   Far from reassuring, OG&E’s temporary manage-and-report 


scheme falls short of the Company’s legal obligations under the PSD regulations. 


III. EPA’s Recordkeeping Rules Provide A Safeguard Against Operator 
Gamesmanship, Not A Safe Haven Against Agency Enforcement 


 
In its Project Reports, OG&E cites to the recordkeeping and reporting provisions 


in EPA’s 2002 Rules, suggesting that compliance with recordkeeping requirements 


suffices for compliance with PSD.  See, e.g., 2006 Sooner 2 Project Report (Ex. 3-H) at 4 


(citing 40 C.F.R. § 52.21(r)(6)).  The applicable rules in Oklahoma do not include the 


2002 provisions that OG&E relies upon.  See supra p. 5.  But in any event, the 


recordkeeping and reporting requirements in no way altered or replaced the forward-


looking requirements that have always been the cornerstone of the PSD program.   
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A. Recordkeeping Under EPA’s PSD Rules 


In its 1992 PSD Rules, and again in its 2002 PSD Rules, EPA added a requirement 


that electric utilities not only project their future emissions before undertaking a project, 


but that they also keep records of post-project emissions for a period of years after the 


projects are implemented—sometimes five years, sometimes ten, depending on the kind 


of modification an operator has undertaken.  See 57 Fed. Reg. at 32,325; 40 C.F.R. 


§ 52.21(r)(6) (2003).  As the Agency explained, “without appropriate safeguards[,] 


increases in future actual emissions that in fact resulted from the physical or operational 


change could go unnoticed and unreviewed.”  57 Fed. Reg. at 32,325; see also New York, 


413 F.3d at 35 (explaining how a source could understate expected emissions and thus 


improperly conclude NSR did not apply).  Thus, as an additional protection, where post-


project records reveal that emissions have in fact increased as a result of the project, the 


facility is subject to PSD’s BACT obligations at that time—regardless of what 


preconstruction analyses indicated.  See 57 Fed. Reg. at 32,325 (if “the reviewing 


authority determines that the source’s emissions have in fact increased significantly over 


baseline levels as a result of the change, the source would become subject to NSR 


requirements at that time”); 40 C.F.R. § 52.21(a)(2)(iv)(b) (2012). 


B. Post-Project Recordkeeping Does Not Replace Pre-Project Compliance 
 


Even if OG&E could rely on the later PSD recordkeeping and reporting provisions 


(it cannot), those regulations do not support the Company’s “proposed plan of action.”   


Electric utilities were required to record and report post-project emissions 


beginning under EPA’s 1992 Rules.  But the Agency’s regulations have always echoed 
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Congress’ statutory command and maintained Congress’ forward-looking focus.  Neither 


the 1992 Rules nor EPA’s contemporaneous explanation suggest that the recordkeeping 


requirements created a safe haven from enforcement.  Rather, submission of post-project 


data provided a safeguard necessary to protect the integrity of the requisite 


preconstruction prediction.  57 Fed. Reg. at 32,336 (1992 revision to 40 C.F.R. 


§ 52.21(b)(21)(v), requiring submission of post-project data as a condition of using more 


flexible prediction method); id. at 32,316 (“Applicability of the CAA’s NSR provisions 


must be determined in advance of construction”) (emphasis added); id. at 32,325 


(explaining reason for “safeguard”); New York, 413 F.3d at 34 (reporting required to 


“verify the projections’ accuracy”); see also 67 Fed. Reg. at 80,188 (post-project 


reporting under 1992 Rules required to “ensure the projection [was] valid”). 


In fact, EPA has explicitly determined that those reporting obligations do not 


supplant the PSD program’s preconstruction projection requirement, which necessarily 


flows from Congress’ preconstruction review and pollution prevention directive.  In 


EPA’s Columbia Generating Order, the Agency proclaimed the very tactic proffered by 


OG&E amounts to avoidance rather than compliance.  There, like OG&E in this case, the 


operator had simply promised to “limit operations . . . for the five-year period following 


the project.”  (Ex. 4) at 8.  EPA rejected the approach: 


[T]he five years in which the facility has agreed informally to constrain it[s] 
emissions and report post-change emissions data appears directed at 
aligning with the post project recordkeeping requirement in [the applicable 
rules]; but this five year window does not by its terms establish a window in 
which, if a facility artificially constrains its emissions, it avoids NSR. 
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Id. at 9 (emphasis added).  Thus, the recordkeeping provisions did not replace the 


touchstone PSD obligation that facilities prepare preconstruction emissions projections.   


EPA’s 2002 Rules—including the inapplicable provisions cited by OG&E—


operate no differently.  Indeed, to accept OG&E’s reading would require the Court to 


ignore a raft of contrary regulatory provisions and contemporaneous agency 


pronouncements.  For example: 


 EPA explained the 2002 Rules made only “minor changes” to PSD for utilities;21  
 


 The recordkeeping requirements do not preclude preconstruction enforcement;  
rather EPA explained that they act as a backstop to ensure projections maintain 
their integrity and emissions increases do not go unnoticed or unreviewed;22  
 


 When it promulgated the 2002 Rules, EPA explicitly stated that “[t]he NSR 
program remains a pre-construction review program;”23  
 


 EPA confirmed in the 2002 Preamble that sources that fail to “properly project 
emissions” will be subject to “applicable enforcement provisions (including the 
possibility of citizens’ suits),”24 and underscored that “[t]here are no provisions in 
the final [2002] rules to protect from civil or criminal penalties the owner or 
operator of a source that constructs a ‘major modification’ without obtaining a 
major [PSD] permit.”25    
 


                                                 
21  57 Fed. Reg. at 32,325; 67 Fed. Reg. at 80,192. 
22  Supra p. 26; Brief for EPA, New York v. EPA, No. 02-1387, 2004 WL 5846388, at 


*98 (D.C. Cir. Oct. 26, 2004) (“EPA did not alter any of the mechanisms provided by the 
CAA to take enforcement action against sources that improperly determined that NSR 
does not apply.  In fact, it added a monitoring requirement for changes that have a 
reasonable possibility of resulting in a significant increase.”). 


23  PSD TSD (excerpted at Ex. 9) at I-4-41; 57 Fed. Reg. at 32,316 (“Applicability of 
the CAA’s NSR provisions must be determined in advance of construction”). 


24   67 Fed. Reg. at 80,190.   
25  PSD TSD (excerpted at Ex. 9) at I-4-26; see also 40 C.F.R. § 52.21(r)(1) (2012) 


(owner who constructs a major modification “without applying for and receiving 
approval . . . shall be subject to appropriate enforcement action”).   
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The reporting provisions were designed as a safeguard against operator gamesmanship.  


They were not designed as a safe harbor against enforcement—indeed such a use would 


contradict the statute’s plain terms.  Even if they applied in this case, the recordkeeping 


and reporting provisions set forth in the 2002 Rules in no way replaced a source’s 


obligation to perform preconstruction emissions projections and assess the project’s 


impact on a facility’s future pollution levels.  OG&E’s effort to replace preventative 


action with five years of reporting is unsupported by the rules OG&E cites and the 


language of the Clean Air Act itself.   


CONCLUSION 


The Clean Air Act is intended to protect human health and the environment from 


the harmful effects of air pollution.  To better implement these protections, Congress 


designed a program to ensure any modification’s air pollution consequences are properly 


evaluated and addressed in advance.  Under EPA’s implementing rules, operators must 


either perform detailed projections of future emissions in accordance with the PSD 


regulations, or they must adopt readily-enforceable emissions limits on future operations.  


OG&E did neither, insisting instead that enforcement must be delayed until after the 


pollution is emitted and the public is harmed by the Company’s voluntary—and 


temporary—emissions management plan.  That is inconsistent with the statute’s mandate, 


the regulations’ language, and common sense.   


The United States and the public must be allowed to evaluate and challenge a 


utility’s preconstruction conduct before it results in harmful emissions increases.  


Accordingly, the United States respectfully requests that this Court declare OG&E’s 
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“proposed plan of action” legally insufficient for compliance with the Clean Air Act’s 


PSD program and applicable implementing regulations.  Construction projects such as 


those undertaken by OG&E must be assessed in advance; where projections performed in 


accordance with regulatory requirements reveal the project would result in a PSD-


triggering emissions increase, the operator must comply with PSD’s preconstruction 


requirements, including obtaining a permit for the modification and operating modern 


pollution controls.  This Court should direct OG&E to submit its various facility upgrades 


to the appropriate permitting authorities for an applicability determination and all 


necessary permits.    
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ClERK ENVIRONME~~-LS BOARD 
INITIALS 


(Slip Opinion) 


NOTICE: This opm10n is subject to formal revision before 
publication in the Environmental Administrative Decisions (E.A.D.). 
Readers are requested to notifY the Environmental Appeals Board, 
U.S. Environmental Protection Agency, Washiniton, D.C. 20460, of 
any typographical or other formal errors, in order that corrections 
may be made before publication. 


BEFORE THE ENVIRONMENTAL APPEALS BOARD 
UNITED STATES ENVIRONMENTAL PROTECTION AGENCY 


WASHINGTON, D.C. 


In re: 


City of Palmdale 


) 
) 
) 
) 


(Palmdale Hybrid Power Project) 
) PSD Appeal No. 11 -07 
) 
) 


SE 09-01 ) 
) 


[Decided September 17, 2012] 


ORDER DENYING REVIEW 


Before Environmental Appeals Judges Leslye M. Fraser, 
Catherine R. McCabe, and Kathie A. Stein. 







IN RE CITY OF PALMDALE 
(PALMDALE HYBRID POWER PROJECT) 


PSD Appeal No. 11-07 


ORDER DENYING REVIEW 


Decided September 17, 2012 


Syllabus 


Mr. Rob Simpson petitioned the Environmental Appeals Board ("Board") to 
review a prevention of significant deterioration ("PSD") permit that Region 9 ("Region") 
of the United States Environmental Protection Agency ("EPA") issued to the City of 
Palmdale ("City") pursuant to the Clean Air Act ("CAA''). The Final Permit authorizes 
the City to construct and operate the Palmdale Hybrid Power Project ("PHPP") in 
Palmdale, California. PHPP is a proposed 570 megawatt ("MW") baseload hybrid, 
natural gas-solar plant that is designed to generate up to 50 MW of its total electric power 
using a solar array. 


Mr. Simpson's appeal presents several overarching issues for resolution. The 
first issue Mr. Simpson raises is whether the Region clearly erred or abused its discretion 
in declining to extend or reopen the public comment period. The second issue is whether 
the Region clearly erred or abused its discretion in determining the best available control 
technology ("BACT") for emissions of greenhouse gases ("GHGs"). In particular, Mr. 
Simpson asserts that the Region failed to identity algae ponds as an available control 
technology in step l of its BACT analysis; failed to properly rank the control 
technologies in step 3 of its BACT analysis; should have considered alternative solar 
power configurations in its analysis of the solar power component beyond the 50 MW 
proposed by the City; and improperly dismissed one control technology, carbon capture 
and storage ("CCS"), as economically infeasible in step 4 of the BACT analysis. Finally, 
the third issue Mr. Simpson raises is whether the Region abused its discretion by failing 
to conduct an independent analysis of the need for the facility under CAA 
section l65(a)(2). 


Held: The Board denies review of the Final Permit. Mr. Simpson has not demonstrated 
that review is warranted on any of the grounds presented. 
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(1) Issues Concerning The Public Comment Period 


(a) Region's Decision Not to Extend the Comment Period 


Mr. Simpson fails to demonstrate that the Region clearly erred or 
abused its discretion in declining to extend the public comment 
period. The Region provided the regulatory minimum comment 
period for the draft permit. In his request for an extension, 
Mr. Simpson did not identify any issue for which he needed more 
time or explain why the comment period was insufficient for that 
task as is contemplated by 40 C.F .R. § 124.13. It was not an abuse 
of its discretion for the Region to balance the public's desire for 
more time against the need for expedited review under the CAA. 


(b) Region's Decision Not to Reopen the Comment Period 


Mr. Simpson fails to demonstrate that the Region abused its 
discretion in declining to reopen the comment period. The changes 
to the permit decision that Mr. Simpson argues warranted reopening 
the public comment period occurred as a response to - or as a 
logical outgrowth of - the comments received, did not raise 
substantial new questions, and were cogently explained and 
supported by the Region in the Response to Comments document. 
Moreover, the Region's explanation for all of these changes was 
sufficient to enable Mr. Simpson to challenge them on appeal. 


(2) Issues concerning BACT for GHGs 


(a) Algae Ponds 


Mr. Simpson fails to demonstrate that the Region clearly erred or 
abused its discretion in not identifying algae ponds as an available 
control technology in step 1 of the BACT analysis. Mr. Simpson did 
not confront the Region's response to his comments concerning the 
use of algae ponds as a potential control technology or explain why 
the Region's conclusion was clearly erroneous. Instead, he merely 
recited his comment and the Region's response. This does not 
satisfy petitioner's burden of showing entitlement to review. 


(b) Ranking of Control Technologies 


Mr. Simpson failed to preserve for review the question of whether 
the Region properly ranked the control technologies in step 3 of the 
BACT analysis. Critically, Mr. Simpson did not point to any place 
in the administrative record where he, or any other commenter, 
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raised this issue during the public connnent process, as is required to 
preserve this issue for review. 


(c) Consideration of Alternative Solar Power Configurations 


Mr. Simpson fails to demonstrate that the Region clearly erred or 
abused its discretion in setting BACT for GHGs based on 
consideration of the 50 MW solar thermal component the City 
proposed for PHPP. Because the solar component is integrated into 
the heat recovery portion of the project, it has the potential to reduce 


. GHG emissions by reducing use of the duct burners during peak 
energy demand. 


First, the Board concludes that the Region's determination that an 
all-solar plant at PHPP would be incompatible with the primary 
purpose of the proposed power plant (which is to provide 570 MW 
of baseload power to the City) is fully supported by the 
administrative record and comports with EPA's recent GHG 
permitting guidance. 


Second, the Board concludes that, even though it is less clear 
whether Mr. Simpson's connnents were sufficiently specific to 
obligate the Region to analyze options for expanding the solar 
component beyond the City's proposed 50 MW design capacity (but 
stopping short of an all-solar design), the administrative record 
demonstrates that it would be infeasible to generate additional solar 
power in any significant amount at the proposed site due to space 
constraints. Mr. Simpson's assertions that adjacent land could be 
used for additional solar panels were not raised during the public 
connnent period; therefore, this argument is waived. Thus, the 
Board concludes that the Region did not abuse its discretion in 
setting BACT for GHGs based on consideration of the proposed 
solar thermal component. 


(d) ccs 


Mr. Simpson fails to demonstrate that the Region clearly erred in 
eliminating CCS as a control technology in step 4 of the BACT 
analysis because of its economic infeasibility. The Region 
determined that the cost of CCS would be so high- twice the annual 
cost of the entire project- that it would clearly be cost prohibitive, 
and this determination was consistent with EPA's recent GHG 
permitting guidance. The Region's price comparison approach 
therefore was neither inappropriate nor impermissible. In addition, 
Mr. Simpson fails to demonstrate that the Region "grossly inflated" 


3 
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the costs of CCS because he relies on information that is either 
inapplicable or speculative. 


(3) Issue Concerning the Region's Consideration of the "Need" for PHPP 


Mr. Simpson fails to demonstrate that the Region abused its 
discretion when it elected not to conduct an independent analysis of 
the "need" for PHPP pursuant to CAA section 165(a)(2). The 
Region had the discretion, but was not required, to conduct an 
independent analysis of the need for PHPP in the context of this PSD 
permit proceeding. The Region reasonably concluded that it would 
be inappropriate in this case for EPA to conduct an independent 
analysis of the need for PHPP given the mechanisms that exist within 
the State to evaluate the state-wide need for electric generating 
facilities and the lack of expertise and information present in this 
permit proceeding that would be necessary to conduct such a 
complex analysis. 


Before Environmental Appeals Judges Leslye M. Fraser, 
Catherine R. McCabe, and Kathie A. Stein. 


Opinion of the Board by Judge McCabe: 
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Before Environmental Appeals Judges Leslye M. Fraser, 
Catherine R. McCabe, and Kathie A. Stein. 


Opinion of the Board by Judge McCabe: 


I. Statement of the Case 


Mr. Rob Simpson petitions the Environmental Appeals Board 
("Board") to review a Clean Air Act ("CAA'') prevention of significant 
deterioration ("PSD") permit, PSD Petmit No. SE 09-01 ("Final 
Pennit"), that the United States Environmental Protection Agency 
("EPA" or "Agency") Region 9 ("Region") issued to the City of 
Palmdale ("City" or "permit applicant") on October 18, 2011. The Final 
Permit authorizes the City to construct and operate the Palmdale Hybrid 
Power Project ("PHPP") in Palmdale, California. See Final Petmit at 1 
(Administrative Record Index No. ("A.R.") VII-2). Both the Region and 
the City have filed a response to the Petition. The Board did not hold 
oral argument in this matter. For the reasons discussed below, the Board 
denies review of the Petition. 


II. Issues 


This appeal presents the following overarching issues for 
resolution: 


A. Did the Region clearly err or abuse its discretion in 
declining to extend or reopen the public comment 
period? 


B. Did the Region clearly err or abuse its discretion in 
detetmining the best available control technology 
("BACT") for emissions of greenhouse gases 
("GHGs")? 


C. Did the Region abuse its discretion when it elected not 
to conduct an independent analysis of the "need" for 
PHPP pursuant to CAA section 165(a)(2)? 
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III. Standard of Review and Burden of Persuasion 


The Board's review of a PSD permit is governed by Title 40 of 
the Code of Federal Regulations ("C.F.R."), section 124.19, and is 
discretionary. See In re Avenal Power Ctr., LLC, PSD Appeal 
Nos. 11-03 to 11-05, slip op. at 14-15 (EAB Aug. 18, 2011), 15 E.A.D. 
_. Ordinarily, the Board will not review a PSD pennit unless the 
permit decision either is based on a clearly erroneous finding of fact or 
conclusion oflaw, or involves a matter of policy or exercise of discretion 
that warrants review. 40 C.F.R. § 124.19(a); Consolidated Permit 
Regulations, 45 Fed. Reg. 33,290,33,412 (May 19, 1980). In reviewing 
an exercise of discretion by the petmitting authority, the Board applies 
an abuse of discretion standard. See In re Guam Waterworks Auth., 
NPDES Appeal Nos. 9-15 & 9-16, slip op. at 9 n.7 (EAB 2011), 
15 E.A.D. The Board will uphold a petmitting authority's 
reasonable exercise of discretion if that decision is cogently explained 
and supported in the record. See In re Ash Grove Cement Co., 7 E.A.D. 
387, 397 (EAB 1997) ("[A]cts of discretion must be adequately 
explained and justified."); see also Motor Vehicles Mji-s. Ass 'n v. State 
Farm Mut. Auto. Ins. Co., 463 U.S. 29, 48 (1983) ("We have frequently 
reiterated that an agency must cogently explain why it has exercised its 
discretion in a given manner* * * ."). In reviewing any permit decision, 
the Board is cognizant of the preamble to section 124.19, in which the 
Agency states that the Board's power of review "should be sparingly 
exercised" and that "most petmit conditions should be finally detennined 
at the [permit issuer's] level." 45 Fed. Reg. at 33,412; accord In re 
Cardinal FG Co., 12 E.A.D. 153, 160 (EAB 2005). 


Thus, when evaluating a permit appeal, the Board examines the 
administrative record prepared in support of the permit to determine 
whether the permit issuer exercised his or her "considered judgment." 
Ash Grove, 7 E.A.D. at 417-18; In re GSX Servs. of S.C., Inc., 4 E.A.D. 
451,454 (EAB 1992). The permit issuer must articulate with reasonable 
clarity the reasons supporting its conclusion and the significance of the 
crucial facts it relied upon when reaching its conclusion. E.g., In re Shell 
Offshore, Inc. ("Shell!"), 13 E.A.D. 357,386 (EAB 2007). As a whole, 
the record must demonstrate that the permit issuer "duly considered the 







CITY OF PALMDALE 9 


issues raised in the conunents and [that] the approach ultimately adopted 
by the [permit issuer] is rational in light of all inf01mation in the record." 
In re Gov'tofD.C. Mun. Separate Storm Sewer Sys., 10 E.A.D. 323,342 
(EAB 2005); accord In re City of Moscow, 10 E.A.D. 135, 142 
(EAB 2001); In re NE Hub Partners, LP, 7 E.A.D. 561, 567-68 
(EAB 1998), review denied sub nom. Penn Fuel Gas, Inc. v. EPA, 
185 F.3d 862 (3rd Cir. 1999). On matters that are fundamentally 
technical or scientific in nature, the Board will typically defer to a permit 
issuer's technical expertise and experience, as long as the pe1mit issuer 
adequately explains its rationale and supports its reasoning in the 
administrative record. See In re Dominion Energy Brayton Point, LLC 
("Dominion!'), 12 E.A.D. 490, 510 (EAB 2006); see also, e.g., In re 
Russell City Energy Ctr. ("RCEC'), PSD Appeal Nos. 10-01 to 10-05, 
slip op. at 88 (EAB Nov. 18, 2010), 15 E.A.D. _,petition denied sub 
nom. Chabot-Las Positas Cmty. Col!. Dist. v. EPA, No. 10-73870 
(9th Cir. May 4, 2012); In re Peabody W Coal Co., 12 E.A.D. 22, 41, 
46, 51 (EAB 2005); NE Hub, 7 E.A.D. at 570-71. 


In any appeal from a pe1mit under pmi 124, the petitioner bears 
the burden of demonstrating that review is wananted. See 40 C.P.R. 
§ 124.19. To meet this burden, the petitioner must satisfy threshold 
pleading requirements. For example, a petitioner seeking review must 
file an appeal within thirty days of service of the decision and must have 
filed conunents on the draft permit or participated in the public hearing. 
40 C.P.R. § 124.13 (requiring persons who believe a condition of a draft 
pmmit is inappropriate to "raise all reasonably ascertainable issues and 
submit all reasonably available arguments supporting their position by 
the close of the public comment period"); id. § 124.19( a) (stating that a 
petition for review to the Board "shall include * * * a demonstration that 
any issues being raised were raised during the public conunent period"); 
RCEC, slip op. at 12, 15 E.A.D. _. The failure to satisfy these 
threshold requirements is grounds for denial of review. See, e.g., RCEC, 
PSD Appeal Nos. 10-07 through 10-10 (EAB May 3, 2010) (Order 
Dismissing Four Petitions as Untimely); In re Christian Cnty. 
Generation, LLC, 13 E.A.D. 449, 459 (EAB 2008) (denying review of 
a petition based on petitioner's failure to raise a reasonably ascertainable 
issue during the public conunent period). 
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In addition, a petitioner must not only specify objections to the 
petmit but also must explain why the petmit issuer's previous response 
to those objections is clearly erroneous or otherwise warrants review. 1 


See In re Teck Cominco Alaska, Inc., 11 E.A.D. 457, 494-95 
(EAB 2004); In re Westborough, 10 E.A.D. 297, 305, 311-12 
(EAB 2002); In re City of Irving, 10 E.A.D. 111, 129-30 (EAB 2001) 
(same), review denied sub nom. City of Abilene v. EPA, 325 F.3d 657 
(5th Cir. 2003); see also Order Governing Petitions for Review of Clean 
Air Act New Source Review Permits ("NSR Standing Order") 'If 7 
(EAB Apr. 19, 2011) (requiring petitioners to "demonstrate with 
specificity, by citing to the applicable documents and page numbers, 
where in the response to comments the petmit issuer responded to the 
comments and must explain why the permit issuer's response to 
comments is inadequate"). 


IV. Summary a,[ Decision 


For all the reasons stated below, the Board concludes that: 
(A) the Region did not clearly err or abuse its discretion in declining to 
extend or reopen the public comment period; (B) the Region did not 
clearly err or abuse its discretion in detetmining BACT for emissions of 
GHGs; and (C) the Region did not abuse its discretion when it elected 
not to conduct an independent analysis of the "need" for this project 
under CAA section 165(a)(2). Accordingly, the Board denies review of 
the PHPP PSD permit. 


1 Federal circuit courts of appeal have upheld this Board requirement that a 
petitioner must substantively confront the permit issuer's response to the petitioner's 
previous objections. Native Vill. of Kivalina IRA Council v. EPA, 687 F.3d 1216, 1221 
(9th Cir. 2012), aff'g In re TeckAlaska, Inc., NPDES Appeal No. 10-04 (EAB Nov. 18, 
2010); City of Pittsfield v. EPA, 614 F.3d 7, 11-13 (1st Cir. 2010), aff'g In re City of 
Pittsfield, NPDES Appeal No. 08-19 (EAB Mar. 4, 2009) (Order Denying Review); 
Mich. Dep't Envtl. Quality v. EPA, 318 F.3d 705, 708 (6th Cir. 2003), aff'g In re 
Wastewater Treatment Facility of Union Twp., NPDES Appeal Nos. 00-26 & 00-28 
(EAB Jan. 23, 2001). 
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V. Procedural and Factual History 


The public comment period on the proposed PHPP PSD permit 
began on August 11,2011. See U.S. EPA Region 9, Responses to Public 
Comments on the Proposed Prevention of Significant Deterioration 
Permit for the Palmdale Hybrid Power Project at 3 (Oct. 2011) 
(A.R. VII-3) [hereinafter RTC]. The deadline for receipt of public 
comments was September 14, 2011, thirty-four days later. See id. at 3. 
Two days before the close of the comment period, on September 12, 
2011, Mr. Simpson requested by e-mail a 30-day extension. See E-mail 
from Rob Simpson to Lisa Beckham, U.S. EPA Region 9 (Sept. 12, 
2011, 09:31 PDT) (A.R. V-6). Mr. Simpson's stated basis for the 
extension was to "submit more complete comments" due to the "massive 
amount of infmmation to review." !d. The Region notified Mr. Simpson 
on that same day that his requested extension was denied. See E-mail 
from Deborah Jordan, Dir., Air Div., U.S. EPA Region 9, to Rob 
Simpson (Sept. 12, 2011, 14:00 PDT) (A.R. VI-19). Mr. Simpson 
responded with another e-mail asking the Region to reconsider, arguing 
that the documents posted in the Region's docket "equate[] to [tens] of 
thousands of pages of information" and that a thi1iy-day public comment 
period serves to "preclude public participation." See E-mail from Rob 
Simpson to Deborah Jordan, Dir., AirDiv., U.S. EPA Region 9 (Sept. 12, 
2011, 18:03 PDT) (A.R. V-7). The Region did not extend the public 
comment period. 


On October 18, 2011, the Region issued its final permitting 
decision and a document responding to the comments it had received. 
See generally Final Permit at 1; RTC at 1. Mr. Simpson filed a timely 
appeal.2 By Order dated April 5, 2012, the Board declined to hear oral 


2 Mr. Simpson filed several versions of his petition for review. See generally 
Order to Show Cause as to Why Petition Should Not Be Dismissed. After considering 
argument as to which version should be considered, the Board ultimately identified 
docket entry number 9 (entitled "Petition for Review (Clerical Amendment)") as the 
exclusive petition for review in this case. See Order IdentifYing Petition for Review and 
Denying Requests for Status Conference, Leave to File Reply, and Oral Argument at 4. 
For this reason, the Board has considered only the arguments in docket entry number 9, 


(continued ... ) 
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argument. Order Identifying Petition for Review and Denying Requests 
for Status Conference, Leave to File Reply, and Oral Argument at 7. 


VI. Overview of PSD Legal Requirements and BACT Analysis 


As noted above, Mr. Simpson challenges a PSD permit issued 
under the CAA. The PSD provisions govem air pollution in cetiain 
areas, called "attainment" areas, where the air quality meets or is cleaner 
than the national ambient air quality standards, as well as in 
unclassifiable areas that are neither attainment nor "non-attainment." 
CAA §§ 160-69, 42 U.S.~. §§ 7470-79; accord In re Rockgen Energy 
Ctr., 8 E.A.D. 536, 541 (EAB 1999). The statutory PSD provisions are 
largely carried out through a regulatory process that requires new major 
stationary sources in attainment (orunclassifiable) areas, such as PHPP, 
to obtain preconstmction permits pursuant to CAA § 165, 42 U.S.C. 
§ 7475. See 40 C.F.R. § 52.21; Rockgen, 8 E.A.D. at 541; In re Knauf 
Fiber Glass, GmbH ("Knauf!''), 8 E.A.D. 121, 123 (EAB 1999). 


The CAA and Agency PSD regulations require that every 
proposed PSD permit be subjected to a preconstmction review by the 
permitting authority, which must include a public hearing with the 
opportunity for interested persons to comment on the air quality impact 
of the proposed source, altematives thereto, control technology, and 
other appropriate considerations. CAA § 165(a)(2), 42 U.S.C. 
§ 7475(a)(2). As part of the preconstruction review process, new major 
stationary sources and major modifications of such sources employ the 
"best available control technology," or BACT, to minimize emissions of 
regulated pollutants. CAA § 165(a)(4), 42 U.S.C. § 7475(a)(4); 
40 C.F.R. § 52.21(j)(2). The statute defines the BACT requirements as 
follows: 


The term "best available control technology" means an 
emission limitation based on the maximum degree of 
reduction of each pollutant subject to regulation under 


'( ... continued) 
and all references to the "Petition" throughout this decision refer solely to that petition. 
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this chapter emitted from or which results from any 
major emitting facility, which the permitting authority, 
on a case-by-case basis, taking into account energy, 
environmental, and economic impacts and other costs, 
determines is achievable for such facility through 
application of production processes and available 
methods, systems, and techniques, including fuel 
cleaning, clean fuels, or treatment or innovative fuel 
combustion techniques for control of each such 
pollutant. 


13 


CAA § 169(3), 42 U.S.C. § 7479(3); accord 40 C.F.R. § 52.2l(b)(l2) 
(similar regulatory definition). As the Board recently explained in In re 
Northern Michigan University ("NMU"), the BACT definition requires 
permit issuers to "proceed[] on a case-by-case basis, taking a careful and 
detailed look, attentive to the technology or methods appropriate for the 
pmiicular facility, [] to seek the result tailor-made for that facility and 
that pollutant." PSD Appeal No. 08-02, slip op. at 12 (EAB Feb. 18, 
2009) (citations and quotations omitted), 14 E.A.D. at_. BACT is 
therefore a site-specific determination that results in the selection of an 
emission limitation representing application of control technology or 
methods appropriate for the particular facility. In re Prairie State 
Generating Co., 13 E.A.D. 1, 12 (EAB 2006), aff'dsub. nom Sierra Club 
v. U.S. EPA, 499 F.3d 653 (7th Cir. 2007); In re Three Mountain Power, 
LLC, 10 E.A.D. 39,47 (EAB 2001); Knauf!, 8 E.A.D. at 128-29. 


In 1990, EPA issued draft guidance for permitting authorities to 
use in analyzing PSD requirements (among others) in a consistent and 
systematic way. See generally Office of Air Quality Planning 
& Standards, U.S. EPA, New Source Review Workshop Manual! (draft 
Oct. 1990) ("NSR Manual'V The NSR Manual sets forth a "top-down" 


3 Notably, the NSR Manual is not a binding Agency regulation, and 
consequently strict application of the methodology described in it is not mandatory nor 
is it the required vehicle for making BACT determinations. E.g., NMU, slip op. at 12, 
14 E.A.D. at_; Prairie State, 13 E.A.D. at 6 n.2; Knauf I, 8 E.A.D. at 129 n.13. 
Nevertheless, because it provides a framework for determining BACT that assures 


(continued ... ) 
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process for determining BACT for each particular regulated pollutant 
that is summarized as follows: 


The top-down process provides that all available control 
technologies be ranked in descending order of control 
effectiveness. The PSD applicant first examines the 
most stringent- or "top"- alternative. That alternative 
is established as BACT unless the applicant 
demonstrates, and the permitting authority in its 
informed judgment agrees, that technical considerations, 
or energy, environmental, or economic impacts justify 
a conclusion that the most stringent technology is not 
"achievable" in that case. 


Id. at B.2. Permit issuers apply the top-down method on a case-by-case 
basis to each pennit they evaluate. See id. at B.l (explaining that all 
BACT analyses are done case-by-case). The NSR Manual's 
recommended top-down analysis employs five steps: 


Step 1: Identify all available control options with 
potential application to the source and the 
targeted pollutant; 


Step 2: Analyze the control options' technical 
feasibility; 


3
( ••• continued) 


adequate consideration of the statutory and regulatory criteria, it has guided state and 
federal permit issuers, as well as PSD permit applicants, on PSD requirements and policy 
for years. E.g., NMU, slip op. at 12, 14 E.A.D. at_; In re Cardinal FG Co., 12 E.A.D. 
153, 162 (EAB 2005); see also In re Steel Dynamics, Inc., 9 E.A.D. 165, 183 
(EAB 2000) ("This top-down analysis is not a mandatory methodology, but it is 
frequently used by permitting authorities to ensure that a defensible BACT determination, 
involving consideration of all requisite statutory and regulatory criteria, is reached."). 
The Region utilized the "top-down method" described in the NSR Manual when 
determining BACT emission limits for the PHPP permit. See U.S. EPA Region 9, Fact 
Sheet and Ambient Air Quality Impact Report for a CAA PSD Permit for PHPP ("Fact 
Sheet") at 12 (Aug. 2011); RTC at 38. 
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Step 3: Rank feasible options in order of effectiveness; 


Step 4: Evaluate the energy, environmental, and 
economic impacts of the options; and 


Step 5: Select a pollutant emission limit achievable 
by the most effective control option not 
eliminated in a preceding step. 


Id. at B.5-.9. 


VII. Analysis 


15 


In the analysis that follows, the Board considers each of the 
issues identified above and concludes that Mr. Simpson has not met his 
burden to demonstrate that the Region based its permit decision on a 
clearly erroneous finding of fact or conclusion oflaw, or that the Region 
abused its discretion in a manner warranting review. See 40 C.F.R. 
§ 124.19(a). Accordingly, the Board denies Mr. Simpson's petition for 
review. 


A. The Region Did Not Clearly Err or Abuse Its Discretion in Declining 
to Extend or Reopen the Public Comment Period 


Mr. Simpson argues that the Region issued the Final Permit "in 
violation of notice and public participation" requirements by: 
(1) denying his request to extend the public comment period; and 
(2) denying his request to reopen the public comment period. Pet. 
at 6-15. For the reasons discussed below, the Board concludes the 
Region did not clearly err or abuse its discretion with respect to either. 


1. The Region Did Not Clearly Err or Abuse its Discretion in 
Declining to Extend the Public Comment Period 


The public comment period for the PHPP pe1mit was no fewer 
than thirty-four days. See Part V above. Near the close of the public 
comment period, Mr. Simpson sought to have the comment period 
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extended, but the Region denied that request. As explained further 
below, the question the Board must decide is whether the Region clearly 
erred as a matter of law or abused its discretion in denying 
Mr. Simpson's request to extend the public comment period. 


Permitting regulations governing the timing of the public 
comment period for a PSD permit provide that "[p ]ublic notice of the 
preparation of a draft permit * * * shall allow at least 30 days for public 
comment." See40 C.F.R. § 124.10(b ). Section 124.13 provides that "[a] 
comment period longer than 30 days may be necessary to give 
commenters a reasonable opportunity to comply with the requirements 
of this section. Additional time shall be granted* * * to the extent that 
a commenter who requests additional time demonstrates the need for 
such time." I d. § 124.13 (emphasis added). The Board has traditionally 
read these provisions as "establishing a minimum comment period length 
of 30 days, as well as authorizing the permit issuer, in its discretion, to 
extend the comment period." In re Shell Offshore, Inc. ("Shell III"), 
OCS Appeal Nos. 11-05, 11-06, 11-07, slip op. at 91 (EAB Mar. 30, 
2012), 15 E.A.D. _, appeal docketed sub nom. Alaska Wilderness 
League v. EPA, No. 12-71506 (9th Cir. May 16, 2012); see also In re 
Genesee Power Station, 4 E.A.D. 832,841 (EAB 1993) (noting that the 
applicable regulation "only require[ s] public comment periods to last 
30 days"). Because the Region provided at least the regulatory minimum 
of thirty days for public notice and comment, the Board concludes 
Mr. Simpson has failed to demonstrate that the Region clearly erred. 
Thus, the Board must examine whether the Region abused its discretion 
when it did not extend the public comment period. See In re Shell Gulf 
of Mex., Inc. ("Shell II"), OCS Appeal Nos. 11-02 through 11-04 
& 11-08, slip op. at 71-72 (EAB Jan. 12, 2012), 15 E.A.D. 
(explaining the applicability of the abuse of discretion standard).4 


In reviewing a permit issuer's detetmination not to extend a 
public comment period, the Board considers whether the public has 


4 As explained above in Part III, the Board will uphold a permitting authority's 
reasonable exercise of discretion if that decision is cogently explained and supported in 
the record. 
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received a meaningful opp01iunity to review and comment on a draft 
permit. See, e.g., Genesee Power, 4 E.A.D. at 842 (upholding the denial 
of an extension of the public comment period based on Board's 
conclusion that the public received a meaningful opportunity to make 
their views known and the permitting authority had demonstrated that it 
took seriously all comments it had received); cf Conference of State 
Bank Supervisors v. Office of Thrift Supervision, 792 F. Supp. 837, 844 
(D.D.C. 1992) (denying claim that comment period should have been 
longer where statute did not require agency to provide more than 30-day 
comment period and 30 days was not umeasonable). The Board also 
considers the permit issuer's need to balance the public's desire for an 
extended review period against other factors, such as the permit issuer's 
obligation to timely issue or deny a permit application. See Shell II, 
slip op. at 73-74, 15 E.A.D. at _ (denying request to extend the public 
comment period where the public comment periods on two petmits ran 
concurrently and a petitioner interested in reviewing and commenting on 
both proceedings had requested additional time); see also Shell III, 
slip op. at 93, 15 E.A.D. at_. This is particularly true in time
sensitive PSD permitting proceedings. 5 See id. 


In this case, the Region provided a detailed explanation of its 
denial in the Response to Comments document. See RTC at 27-29; see 
also id. at 12-13, 15-16 (describing the Region's extensive public 
participation and outreach activities for the PHPP permit). The Region 
described the steps it took to notify the public of the proposed permit and 
stated that it believed the public notice provided allowed a reasonable 
opportunity to comment on the proposed permit. !d. at 12-13, 15-16. 


5 Section 165( c) of the CAA requires that"[ a ]ny completed permit application 
* * * be granted or denied not later than one year after the filing of such completed 
application." CAA § 165(c), 42 U.S.C. § 7475(c). Additionally, under the CAA, new 
source construction cannot begin prior to receiving a final permit. CAA § 165(a), 
42 U.S.C. § 7475(a). In the event of an administrative appeal, a permit decision does not 
become effective until the appeal is resolved. 40 C.F.R. §§ 124.15(b), 124.19(f). 
Resolution of the appeal is also a prerequisite to seeking judicial review of the permit. 
See 5 U.S.C. § 704 (establishing that where agency regulations provide for an 
administrative appeal, agency action is not "final" for the purposes of judicial review until 
the administrative appeal is complete); 40 C.F.R. § 124.19(e)-(f). For these reasons, the 
Board considers PSD permitting proceedings to be time-sensitive. 
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The Region "found no particular issue associated with the Project that 
warranted public review time beyond that established in the public notice 
and required by 40 C.P.R. Part 124." Id. at 28. The Region further 
stated that it did not "believe that the relevant information was 
particularly voluminous" or that the key documents were especially 
lengthy and concluded that the Mr. Simpson had not "demonstrated a 
need for additional time" as required by 40 C.P.R. § 124.13. Id. 
at 28-29. 


Although Mr. Simpson requested additional time to comment on 
the draft permit, he failed to adequately demonstrate the need for more 
time as required by 40 C.P.R.§ 124.13. Mr. Simpson's initial request for 
the extension, which was submitted on the 28th day of the 30-day public 
comment period, stated simply that an additional 30 days was needed to 
"submit more complete comments" due to the "massive amount of 
information to review." E-mail from Rob Simpson to Lisa Beckham, 
U.S. EPA Region 9 (Sept. 12, 2011, 09:31 PDT). Mr. Simpson did not 
identify any issue for which he needed more time to consider or explain 
why the comment period was insufficient for that task. Later the same 
day, after the extension was denied, Mr. Simpson sent a second ecmail 
asking the Region to reconsider and indicating further that the documents 
posted on the docket "equated to [tens] of thousands of pages of 
information." E-mail from Rob Simpson to Deborah Jordan, Dir., Air 
Div., U.S. EPA Region 9 (Sept. 12, 2011, 18:03 PDT). But again, 
Mr. Simpson identified no issue for which he needed more time to 
consider or explain why the comment period was insufficient for that 
task. Mr. Simpson's bald assetiions of a need for more time due to a 
voluminous record were simply insufficient to demonstrate a need for 
more time as contemplated by 40 C.P.R. § 124.13. 


On appeal, Mr. Simpson attempts to bolster his argument that 
more time was necessary by again pointing to the volume of the permit 
record and, more specifically, referencing the volume of air quality 
modeling data files and documents from Califomia Energy Commission 
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("CEC") proceedings.6 Pet. at 7. Even if the Board were to overlook the 
untimeliness of Mr. Simpson's expanded justification for an extended 
comment period, Mr. Simpson continues to focus generically on the 
volume of the record and fails to identify, let alone demonstrate, any 
issue he needed more time to consider or explain why the comment 
period was insufficient for that task. In failing to do so, Mr. Simpson 
does not adequately address the Region's response or explain why the 
Region's explanation for its denial of an extension was insufficient. See 
NSR Standing Order ~ 7 (requiring petitioners to "demonstrate with 
specificity, by citing to the applicable documents and page numbers, 
where in the response to comments the permit issuer responded to the 
comments and must explain why the permit issuer's response to 
comments is inadequate"); see also, e.g., In re City of Pittsfield, NPDES 
Appeal No. 08-19, at7, 11 (EAB Mar. 4, 2009)(0rderDenyingReview), 
aff'd, 614 F.3d 7, 11-13 (1st Cir. 2010); see also discussion in 
Part VI.B.l.b., below (discussing in more depth the obligation to 
confront the permitting authority's responses to comments and the 
consequences for failing to do so). 


Ultimately, in this case, the Region received and responded to 
numerous comments from Mr. Simpson as well as others. Mr. Simpson 
acknowledges that the Region made a number of changes to the permit. 
See Pet. at 10-15 (arguing that the changes made in the Final Permit 
rendered the Final Permit "drastically different" from the draft permit); 
see generally RTC at 58-62 (identifying the changes made to the permit). 
Most of these changes were made in response to the comments provided. 
The volume of comments received and the substantive issues raised by 
commenters on this permit support the Region's determination that the 
comment period provided adequate time for the public to provide 
informed and meaningful comment on the proposed PHPP permit. See 


6 The PHPP and its related facilities were subject to a parallel state permitting 
review process by the CEC. The CEC acts as the lead state agency under California's 
Environmental Quality Act (Pub. Res. Code §§ 25519(c), 21000 et seq.), and its 
certification process includes a "comprehensive examination of a project's potential 
economic, public health and safety, reliability, engineering, and environmental impacts." 
CEC, Doc. No. CEC-800-20 11-005, Presiding Member's Proposed Decision at 1-2 to 1-3 
(June 16, 2011) (A.R. VIII-3). 
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Shell II, slip op. at 7 4 n. 72, 15 E.A.D. at_ (concluding that the fact that 
other commenters had provided substantive, technical comments on an 
issue suggested that the comment period was sufficient to allow 
opportunity for meaningful comment on that issue); see also Fla. Power 
& Light Co. v. United States, 846 F.2d 765, 772 (D.C. Cir. 1988) 
(upholding a short comment period as sufficient wher~ the agency had 
received numerous comments, some lengthy, and the comments had had 
a "measurable impact" on the final rule); State Bank Supervisors, 
792 F. Supp. at 844 (holding length of comment period not unreasonable 
especially in light of the comments that plaintiffs and other parties 
submitted). Additionally, in PSD cases such as this one, where the CAA 
itself requires a timely petmit decision, the need to balance the public's 
desire for more time against the need for expedited review weighs more 
heavily against extending the public comment period beyond that which 
is required. See note 5 and accompanying text above (citing Shell II, 
slip op. at 74, 15 E.A.D. at_). Taking into account the comment 
period provided and the time-sensitive nature of this PSD permitting 
decision, the Board concludes that the Region did not clearly err as a 
matter oflaw or abuse its discretion in declining Mr. Simpson's request 
to extend the public comment period for the PHPP permit. 


2. The Region Did Not Abuse Its Discretion in Declining to 
Reopen the Public Comment Period Based on Any of the 
Ident(fied Changes or Additions to the Final Permit 


Mr. Simpson next argues that the Region ened in denying his 
request to reopen the comment period because comments submitted 
raised "substantial new questions." See Pet. at 7-10. Mr. Simpson also 
argues that the Region was required to reopen the public comment period 
to allow for meaningful public comment on the substantial changes made 
to the petmit. See id. at 10-15. Although raised as separate issues, both 
of these arguments ultimately allege one error~ the failure to reopen the 
public comment period after it had closed. As explained further below, 
the determination of whether to reopen a public comment period is 
discretionary. Thus, the question the Board considers is whether the 
Region abused its discretion in declining to reopen the public comment 
period. 
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Permitting regulations provide that a permitting authority may 
reopen a public comment period "[i]f any data[,] inf01mation[,] or 
arguments submitted during the public comment period * * * appear to 
raise substantial new questions conceming the permit." See 40 C.F.R. 
§ 124.14(b). The Board previously has observed that "[t]he critical 
elements [of this regulation] are that new questions must be 'substantial' 
and that [the region] 'may' take action." Dominion I, 12 E.A.D. at 695 
(quoting In reNE Hub Partners, LP, 7 E.A.D. 561, 585 (EAB 1998), 
review denied sub nom. Penn Fuel Gas, Inc. v. EPA, 185 F.3d 862 
(3rd Cir. 1999)). Thus, we review a permitting authority's decision not 
to reopen the comment period under an abuse of discretion standard and 
afford the pe1mitting authority substantial deference.7 In re Dominion 
Energy Brayton Point, LLC ("Dominion II"), 13 E.A.D. 407, 416 
(EAB 2007); see also In re Old Dominion Elec. Coop., 3 E.A.D. 779, 
797 (Adm'r 1992). 


A permitting authority is not required to reopen a public 
comment period based on changes it makes to the permit, as long as the 
changes are the "logical outgrowth" of the public comment process. See 
Old Dominion, 3 E.A.D. at 797-98 (observing that the revised pe1mit in 
that matter was by all counts a "logical outgrowth" of the notice and 
comment process and denying review of the region's decision not to 
reopen the public comment period); cf Natural Res. Def Council 
v. EPA, 279 F.3d 1180, 1186 (9th Cir. 2002) (observing that it would be 
"antithetical to the whole concept of notice and comment" if a final 
permit was required to be identical to the corr-esponding draft permit and 
that it is, in fact, the expectation that final permit decisions will be 
somewhat different and improved from those originally proposed); 
D.C. Water & Sewer Auth., 13 E.A.D. at 758-59 (explaining that the 
notice and comment process is expected to lead to changes or refinement 
in the final permit- or, in this case, the permit analysis - and that if 
those changes constitute a "logical outgrowth" of the comments received 


7 As explained above, the Board will uphold a permitting authority's reasonable 
exercise of discretion if that decision is cogently explained and supported in the record. 
See Part III (discussing the abuse of discretion standard). 
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then the law does not require the permitting authority to reopen the 
public comment period). 


A permitting authority also is not required to reopen the public 
comment period based simply on the receipt of new information. See, 
e.g., Dominion II, 13 E.A.D. at 416 (defening to the region's 
determination to not reopen the comment period based on "new 
infmmation" considered); see also 45 Fed. Reg. 33,290,33,412 (May 19, 
1980) (recognizing during the promulgation of PSD permitting 
regulations that "if all new material in a response to comments required 
reproposal, the [A]gency would be put to the unacceptable choice of 
either providing an inadequate response or embarking on the same kind 
of endless cycle of reproposals which the courts have already rejected" 
(citing Int'l Harvester Co. v. Ruckelshaus, 478 F.2d 615, 632 n.51 
(D.C. Cir. 1973))). Permitting regulations specifically contemplate that 
a permitting authority may expand and revise its analysis in response to 
public comment and that new information may be added to the record as 
appropriate in support of the permitting authority's responses to 
comments. See 40 C.F.R. §§ 124.17, .18 (requiring the permitting 
authority to respond to comments and to include in the administrative 
record any new materials supporting its response to public comments). 


In exercising its discretion to reopen (or decline to reopen) a 
public comment period, factors that may infotm a permitting authority's 
decision include: "whether permit conditions have changed, whether new 
information or new permit conditions were developed in response to 
comments received during prior proceedings for the permit, whether the 
record adequately explains the agency's reasoning so that a dissatisfied 
pmiy can develop a permit appeal, and the significance of adding delay 
to the particular petmit proceedings." Dominion II; 13 E.A.D. at 416 
n.10 (citing NE Hub, 7 E.A.D. at 584-88; Old Dominion, 3 E.A.D. 
at 797-98). 


In this appeal, Mr. Simpson identifies five changes to the draft 
permit or the Region's analysis that allegedly raised substantial new 
questions or otherwise required the Region to reopen the comment 
period: (a) revisions to the Agency's BACT analysis with respect to 
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carbon capture and sequestration ("CCS") as a control technology; 
(b) changes with respect to the Agency's position on solar power as a 
control technology; (c) revisions to emissions limits for particulate 
matter; (d) changes to the startup and shutdown emissions limits; and 
(e) the establishment of a maximum heat rate as BACT for GHGs. As 
explained fully below, these changes occurred in response to -or as a 
logical outgrowth of- the comments received, did not raise substantial 
new questions, and were cogently explained and supported by the Region 
in the response to comments document. 


Additionally, in considering each of these changes below, the 
Board is cognizant that these are time-sensitive PSD permitting 
proceedings, see Part VII.A.1, and any additional delay caused by 
reopening the comment period would be significant. 


a. CCS 


With respect to CCS, the Region concluded at the draft permit 
stage that CCS was technically infeasible based on the "logistical 
barriers of constructing such a pipeline (e.g., land acquisition, permitting, 
liability, etc.)" and thus excluded it as a control option for the project. 
U.S. EPA Region 9, Fact Sheet and Ambient Air Quality Impact Rep01t 
for a CAA PSD Permit for PHPP ("Fact Sheet") at 28-29 (Aug. 2011) 
(A.R. IV -2). In response ,to comments asserting that "the argument 
against CCS is not one of technical infeasibility but one of cost," see Rob 
Simpson's Comments on Palmdale ("Pet. Ex. C") at 46 (Sept. 14, 2011) 
(A.R. V-15), the Region acknowledged the limited data in EPA's record 
regarding potential technical and logistical barriers related to the 
building of C02 pipelines for PHPP. RTC at 37-38. Rather than 
unnecessarily spending the time and resources to develop these data, the 
Region instead considered whether CCS could be economically feasible 
if the technical barriers could be overcome. To do this, the Region 
compared the annual cost of CCS to the annual capital costs of the 
project and estimated that the annual cost of CCS would be more than 
twice the value of the estimated annualized capital cost of the entire 
PHPP facility. !d. at 38; see also Pati VII.B.2.b (quoting Region's 
analysis). Consequently, the Region excluded CCS as being 
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economically infeasible. 8 In the end, although the Region expanded its 
analysis, the Region's ultimate determination- the exclusion of CCS as 
a control technology at PHPP -remained unchanged. 


Nothing in the Region's response to comments raised substantial 
new questions regarding the technical feasibility of CCS that 
necessitated reopening the public comment period. In response to 
Mr. Simpson's comment, the Region simply proceeded to evaluate the 
economic feasibility of CCS, rather than developing more detailed data 
on its technical feasibility. This refinement to the Agency's rationale for 
excluding CCS as a control technology, rather than raising substantial 
new issues, simply responded to comments on an issue that already had 
been pmt of the permit proceedings. The mere refinement of an analysis 
or the addition of new material to support an unchanged permit condition 
does not necessitate the reopening of the comment period. See, e.g., 
Dominion I, 12 E.A.D. at 696 (concluding that the region did not abuse 
its discretion in declining to reopen comment period where it added new 
information to amend its analyses, "which resulted in somewhat similar 
results as before and which did not change the [r]egion's ultimate 
determination regarding the permit conditions"); see also Dominion II, 
13 E.A.D. at 416 (denying review of the region's decision not to reopen 
the public comment period on remand for input on "new information" 
the region had considered where permit limits remained unchanged and 
analysis merely was revised). 


Moreover, the Region provided a clear explanation for how it 
evaluated the economics of CCS. That explanation was sufficient to 
enable Mr. Simpson to fully raise this issue on appeal, the substance of 
which the Board addresses below in Part VI.B .2 .b. For these reasons, the 
Board concludes the Region did not abuse its discretion in declining to 
reopen the public comment petiod on this issue. See Dominion II, 
13 E.A.D. at 416 n.lO (citing NE Hub, 7 E.A.D. at 584-88; Old 
Dominion, 3 E.A.D. at 797-98). 


8 This method of analysis eliminated CCS at the fourth step of the BACT 
analysis (energy, environmental, and economic analysis), instead of ruling CCS out at the 
second step (technical feasibility). RTC at 37-38; NSR Manual at B.S-.9, .26-.53; see 
also discussion below Part VII.B.2.b. 
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b. Solar Power Generation 


In response to the draft permit, Mr. Simpson commented that 
there should be "[a] permit condition requiring the 50 Mega Watt[s] 
(MW) [of] solar generation" that the Region had described in a footnote 
in the Fact Sheet. Pet. Ex. C at 47. The Region agreed and added 
conditions to the permit to require construction and operation of the 
solar-thermal plant as proposed by the permit applicant. RTC at 39-40. 
In its Response to Comments document, the Region explained that it was 
incorporating the solar power generation as part of the GHG BACT 
determination in response to comments received, limiting the 
requirement to the scope of the proposed project. I d. at 40; see also 
Part VII.B.2.a, below (further discussing the Region's response). 


The Region's incorporation of the solar power component (as 
described initially by the permit applicant, and as stated in the Fact Sheet 
to the proposed permit) as a condition of the permit was a "logical 
outgrowth" of the permitting process. See Old Dominion, 3 E.A.D. 
at 797-98; cf Int'l Harvester, 478 F.2d at 632 n.51 (recognizing that to 
subject every change made to a rule in response to public comment to a 
new round of public comment could "lead to the absurdity that in rule
making under the AP A the agency can learn from the comments on its 
proposals only at the peril of starting a new procedural round of 
commentary"). The change was directly responsive to the public 
comments received. Clearly, the Region's explanation of this change 
was sufficient to enable Mr. Simpson to challenge on appeal the 
Region's GHG BACT analysis with respect to solar power generation, 
the substance of which is addressed in Part VII.B.2.a, below. Thus, with 
respect to the added solar power component to the permit, the Board 
concludes that the Region did not abuse its discretion in declining to 
reopen the public comment period. 


c. Particulate Matter 


During the public comment period, the permit applicant 
commented that the emissions limits for particulate matter ("PM") were 
unachievable and provided additional infmmation in support of that 
assertion. RTC at 49-50. The Region considered the new infmmation 
provided, as well as the controls and limits at various other facilities, and 
observed relevant distinctions among the different facilities, including 
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the proposed PHPP. !d. at 50-51, 52. Ultimately, the Region revised the 
PM limits taking into account variability between various manufacturers 
and test results identified. !d. at 50-52. Mr. Simpson argues that the 
public should have been given the opportunity to comment on the new 
information submitted as well as the "drastically different" PM limits in 
the Final Permit. Pet. at 10-13. 


Despite Mr. Simpson's argument to the contrary, the Region is 
not required to reopen the comment period when it revises pennit limits 
based on new information supplied during the public comment period. 
See, e.g., Dominion II, 13 E.A.D. at 416; see also Old Dominion, 
3 E.A.D. at 797-98; cf Int'l Harvester, 478 F.2d at 632 n.51. The fact 
that a pennit applicant might provide new data supporting modification 
to a BACT analysis and related pennit limit revisions, as happened here, 
is foreseeable and a logical outgrowth of the public comment period. 
Additionally, the Region's discussion of BACT for PM and PM 
emissions limits in its Response to Comments document provided a clear 
and reasoned explanation of the additional analyses conducted and the 
related Final Petmit revisions. RTC at 49-52 (explaining its revisions to 
the BACT limits for PM "after considering the new information 
provided" and after examining the limits imposed at at least five other 
facilities using the same and different types of turbine and manufacturer 
as proposed to be used by PHPP). Because the Region provided a 
reasoned explanation of this issue, allowing Mr. Simpson to fully 
challenge this issue on appeal,9 the Board concludes the Region was not 
required to reopen the public comment period with respect to its final 
analysis and conclusions conceming PM. 


9 The Board does not believe the merits of the PM emissions limits were 
challenged in the Petition, notwithstanding the fact that the Region defends the changes 
it made to these limits in its brief. See Reg. Resp. at 17-21. Mr. Simpson raised PM 
emissions limits only in the context ofthe Region's alleged failure to reopen the public 
comment period. See Pet. at 7, 10, 11-13. Even ifMr. Simpson intended to substantively 
challenge the PM emissions limits on appeal, he made no attempt to demonstrate why the 
Region's explanation for these revisions was inadequate, as is required by Board 
precedent as well as the Board's Standing Order for NSR Appeals. See NSR Standing 
Order~ 7; Pittsfield, at 7, 11. The failure to confront the Region's rationale for the PM 
emissions limits in the permit would be fatal to this issue if Mr. Simpson did intend to 
raise it and if threshold requirements had been met. See Part III above; see also 
Part VII.B .l.b. below (discussing more in depth the obligation to confront the permitting 
authority's responses to comments and the consequences for failing to do so). 
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d. Startup/Shutdown Limits for Nitrogen Oxides and 
Carbon Monoxide 


During the comment period, the permit applicant requested that 
the Region remove the hourly startup and shutdown limits for nitrogen 
oxides ("NO/') and carbon monoxide ("CO") and replace them with a 
combined NO, limit for cold startup for both combustion turbines, in part 
because the permit applicant thought the limits were not achievable 
based on modeled emission rates and the assumptions upon which the 
modeling was based. RTC at 54. At the same time, Mr. Simpson 
commented that the stmtup and shutdown limits "were not comparable 
with current BACT limits for similar sources" that had more stringent 
emissions limits. !d. at 47. After fully considering the comments, the 
Region did not remove the shutdown emission limit for CO as requested 
by the petmit applicant. !d. at 54-55. Nor did the Region apply the 
emissions limits Mr. Simpson provided from "similar sources" which, 
the Region explained, used two different types of non-comparable 
turbine technology. !d. at 47-48. The Region did, however, revise the 
startup and shutdown limits for NO, and CO based on the modeled 
emissions rates to which the petmit applicant had referred to ensure that 
the limits would be achievable over time. !d. at 54-55. 


As described above, the Region made changes to the stmtup and 
shutdown limits for NO, and CO as a direct result of its consideration of 
comments received. The changes made were a logical outgrowth of the 
comments received during the public comment period. See id. The 
Region's response explained in detail why it revised the permit as it did 
(or did not revise the permit with respect to some comments) and 
provided the basis for the Final Permit startup and shutdown limits for 
NO, and CO that it selected. See id. at 47-48, 54-55 (weighing 
comments by both Mr. Simpson and the permit applicant and 
determining, based on the Region's evaluation of PHPP and other 
facilities and the modeling provided that its revisions to the startup and 
shutdown limits were appropriate). Again, Mr. Simpson was given an 
adequate basis from which to fully challenge the stmtup and shutdown 
limits on appeal. 10 Thus, the Board again concludes that the Region did 


10 The Region defends the merits of the changes it made to startup and 
shutdown permit limits for NO, and CO. See Reg. Resp. at 21-23. These limits, 


(continued ... ) 
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not abuse its discretion in declining to reopen the public comment period 
on this issue. 


e. Maximum Heat Rate 


During the public comment period, Mr. Simpson specifically 
commented that the PSD permit must contain "some quantifiable and 
verifiable heat rate" for the turbines as BACT for GHG emissions. Pet. 
Ex. Cat 52. In response, the Region explained that "three separate limits 
on GHG emissions" were included in the permit, but the Region also 
decided to revise the permit to add a maximum heat rate as suggested. 
RTC at 46. The Region selected a source-wide maximum heat rate in the 
permit that was higher than that suggested by Mr. Simpson in comments, 
and also higher than that listed in the permit applicant's GHG BACT 
analysis. 11 Id. at 53-54; see Final Petmit at 8. In doing so, the Region 
explained that it considered a variety offactors that can affect heat rate, 
including seasonal variations (i.e., temperature, humidity) and equipment 
degradation, and set the higher limit to ensure that the limit is 
"achievable over various operating conditions and during the life of the 
equipment." RTC at 54. The final source-wide net heat rate is 
comparable to, and in fact lower than, permitted or proposed heat rate 
limits of other sources the Region considered. !d. 


The inclusion of a source-wide maximum heat rate in the Final 
Permit was clearly a logical outgrowth of comments received and raised 
no substantial new questions, notwithstanding Mr. Simpson's 


10
( ••• continued) 


however, were not properly challenged in the petition. Rather, Mr. Simpson raised the 
issue of startup and shutdown limits only in the context of the Region's alleged failure 
to reopen the public comment period. See Pet. at 1 0-14; see also note 9 above. Even if 
Mr. Simpson intended to challenge the substance of these revised limits, Mr. Simpson 
made no attempt to demonstrate why the Region's explanation for the revisions to the 
startup/shutdown limits was inadequate, as is required. See Part III above. 
Mr. Simpson's failure to confront the Region's rationale for the changes, as provided in 
the Response to Comments document, would be fatal to this issue, if Mr. Simpson did 
intend to raise it and if threshold requirements had been met. 


11 In this context, a "higher" maximum heat rate, measured in British Thermal 
Units per kilowatt hour (Btu/KWh), reflects lower thermal efficiency and implicates 
greater GHG emissions. A "lower" maximum heat rate is more stringent and more 
environmentally protective. See generally RTC at 53-54. 
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dissatisfaction with the specific heat rate included in the permit. 
Mr. Simpson makes no attempt to explain how the inclusion of the heat 
rate, or the Region's explanation of the specific rate selected, raised 
"significant new questions" warranting a reopening of the public 
comment period. Moreover, the Region's explanation of this change was 
thorough and clear and provided a sufficient basis from which to 
appeal. 12 Thus, the Board concludes that the Region did not abuse its 
discretion in not reopening the public comment period based on its 
inclusion of a maximum heat rate. 


B. The Region Did Not Clearly Err or Abuse Its Discretion in 
Determining BACT for Emissions ofGHGs 


In his appeal, Mr. Simpson raises four challenges to the Region's 
BACT analysis for GHGs. Pet. at 16-29. First, Mr. Simpson asserts that 
the Region failed to identify algae ponds as an available control 
technology in step 1 of its BACT analysis. 13 !d. at 18-19. Second, 
Mr. Simpson challenges the Region's analysis of the solar power 
component and essentially argues that the Region should have 
considered alternative solar power configurations. !d. at 18, 20-25. 
Third, Mr. Simpson claims that in step 3 of its BACT analysis, the 


12 As with the changes to the PM emissions limits and the startup and shutdown 
limits, it is unclear whether Mr. Simpson intended to challenge the maximum heat rate 
on the merits. Unlike the CCS and solar power issues, Mr. Simpson raised the maximum 
heat rate issue only in the context of the alleged failure to reopen the public comment 
period. Pet. at 10, 14-15. In any event, Mr. Simpson has not met his burden to 
demonstrate why the Region's explanation for the maximum heat rate included was 
inadequate. See Part III above. Although Mr. Simpson plainly suggests on appeal that 
a different maximum heat rate has been achieved at "comparable facilities" that he lists, 
Mr. Simpson does not attempt to argue, let alone support, that such a limit would be 
achievable over time at PHPP taking into account given variability in operating 
conditions including seasonal variations (e.g., temperature, humidity) and equipment 
degradation- all factors the Region identified as relevant to the maximum heat rate set. 
See RTC at 54. Thus, even if Mr. Simpson intended to challenge the maximum heat rate 
in this appeal and the Board were willing to overlook the untimeliness of this added 
argument, the Board would deny review of this issue based on Mr. Simpson's failure to 
address the Region's responses to comments by explaining why the Region's rationale 
for the maximum heat rate was erroneous. See Part III above. 


13 Although Mr. Simpson more generally alleges that the Region "failed to 
identifY all available control technologies," Pet. at 18, on appeal, he identifies only one 
overlooked technology- "carbon sequestration in algae ponds," id. at 19. 
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Region failed to properly rank the control technologies. 14 Id. at 18, 25. 
Fourth, Mr. Simpson alleges that in step 4 of its BACT analysis, the 
Region improperly dismissed one control technology, CCS, as 
economically infeasible. Id. at 18, 26-29. 


The Region asserts that for the first and third issues, 
Mr. Simpson has failed to meet the threshold requirements for Board 
review. Reg. Resp. at 26, 32. As explained above, see Part III, 
Mr. Simpson bears the burden of meeting cetiain threshold pleading 
requirements, and failure to do so constitutes grounds for denial of 
review. 


1. Threshold Procedural Issues 


a. Mr. Simpson Has Not Preserved for Review the 
Issue of Whether the Region Properly Ranked the 
GHG Control Technologies 


The permitting regulations require any person who believes that 
a permit condition is inappropriate to raise "all reasonably ascertainable 
issues and * * * all reasonably available arguments supporting 
[petitioner's] position" during the comment period on the draft permit. 
40 C.F .R. § 124.13. That requirement is a prerequisite to appeal under 
part 124, which requires that a petitioner must "demonstrat[e] that any 
issue[] being raised [was] raised during the public comment period * * * 
to the extent required." Id. § 124.19(a); see also NSR Standing 
Order ~!7 (requiring petitioners in NSR appeals to demonstrate "that any 
issues being raised were either raised during the public comment period 
or were not reasonably ascertainable, as provided in 40 C.P.R. 
§ 124.13"). 


As the Board has explained, "[t]he regulatory requirement that 
a petitioner must raise issues during the public comment period 'is not 
an arbitrary hurdle, placed in the path of potential petitioners simply to 
make the process of review more difficult; rather it serves an important 
function related to the efficiency and integrity of the overall 
administrative scheme."' In re Christian Cnty. Generation, LLC, 


14 As briefly explained above in Part VI, in step 3 of the BACT analysis, the 
permit issuer ranks the remaining control technologies in their order of effectiveness. 
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13 E.A.D. 449, 459 (EAB 2008) (quoting In re BP Cherry Point, 
12 E.A.D. 209, 219 (EAB 2005)). "The purpose of such a provision is 
to 'ensure that the Region has an opportunity to address potential 
problems with the draft permit before the permit becomes final, thereby 
promoting the longstanding policy that most permit decisions should be 
decided at the regional level, and to provide predictability and finality to 
the permitting process.'" Shell I, 13 E.A.D. at 394 n.55 (quoting In re 
New Eng. Plating Co., 9 E.A.D. 726, 732 (EAB 2001)); accord In re 
ConocoPhillips Co., 13 E.A.D. 768, 800 (EAB 2008). The Board 
frequently has rejected appeals where issues that were reasonably 
ascertainable during the comment period were not raised at that time, but 
instead were presented for the first time on appeal. E.g., In re Indeck
Elwood, LLC, 13 E.A.D. 126, 165-69 (EAB 2006); BP Cherry Point, 
12 E.A.D. at 218-20; In re Kendall New Century Dev., 11 E.A.D. 40, 
54-55 (EAB 2003). 


Here, Mr. Simpson contends that the Region failed to properly 
rank the GHG control technologies in step 3, as is required in a top-down 
BACT analysis. Pet. at 25. In particular, Mr. Simpson lists several types 
of infmmation that he argues the Region should have included in its 
analysis to "properly rank" the remaining technologies. See id. 
Mr. Simpson, however, has not pointed to any place in the administrative 
record where he, or any other commenter, raised this issue during the 
public comment process. Nor is the Board able to identify any of 
Mr. Simpson's comments that raise this issue. 15 See generally Pet. 
Ex. C. The Board is not willing, nor is it required, to scour the entire 
administrative record to detennine whether anyone else commented on 
this point. ConocoPhillips, 13 E.A.D. at 801 ("[I]t is not the Board's 
responsibility 'to scour the record to determine whether an issue was 
properly raised below."' (quoting Shell I, 13 E.A.D. at 394-95 n.55)); 
Encogen, 8 E.A.D. at 250 n.lO (same); see also Dominion I, 12 E.A.D. 
at 564 n.114 ("[W]e do not find any support for Petitioner's argument 
and will not scour the record to find documents that support it."). 


15 In his comments, Mr. Simpson did not identify as missing any of the types 
of information that he now alleges are missing from the BACT analysis. 
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Accordingly, the Board concludes that Mr. Simpson did not preserve this 
issue for review. 16 


b. Mr. Simpson Has Failed to Confront the Region's 
Responses to Comments Concerning the Use of 
Algae Ponds as a Potential Control Technology by 
Explaining Why Those Responses Were Clearly 
Erroneous 


As explained in Part III, a petitioner must, as a threshold matter, 
explain why the permit issuer's previous response to its objections is 
clearly erroneous or otherwise deserves review and may not simply 
reiterate comments it submitted on the draft permit. See NSR Standing 
Order ~ 7 (requiring petitioners to "demonstrate with specificity, by 
citing to the applicable documents and page numbers, where in the 
response to comments the permit issuer responded to the comments and 
must explain why the permit issuer's response to comments is 
inadequate"); see also, e.g., Pittsfield, at 7, 11, aff'd, 614 F.3d 7, 11-13 
(1st Cir. 2010); In re Peabody W Coal Co., 12 E.A.D. 22, 33, 51-53 
(EAB 2005); In re City of Irving, 10 E.A.D. 111, 129-30 (EAB 2001), 
review denied sub nom. City of Abilene v. EPA, 325 F.3d 657 (5th Cir. 
2003). 


In his comments on the draft permit, Mr. Simpson twice raised 
the issue of using algae ponds as a potential control technology, both 
times in a cursory manner. In generally discussing other potential 
control technologies he believed the Region should consider, he asked 
the question: "What about algae ponds?" 17 Pet. Ex. C at 46. He later 
asserted that "[ c ]arbon sequestration in algae ponds is a feasible 
technology to capture GHG emission[ s ]" from the proposed facility and 
thus "should be included in the BACT evaluation for GHG emissions." 
Id. at 52. He did not provide any additional information or analysis of 
the potential use of algae ponds by powe·r plants or other facilities. 


16 To the extent that Mr. Simpson is challenging the Region's BACT analysis 
as it pertains to solar or CCS technologies, these two issues are addressed below in 
Parts VII.B.2.a and b. 


17 Mr. Simpson also asked abo11t tree planting, but did not challenge the 
Region's failure to consider tree planting as a potential control technology on appeal. 
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The Region provided a shmi response to these two brief 
comments. RTC at 38-39, 46; see also id. at 40-41 (responding to 
general comment about additional control technologies). The Region 
viewed algae ponds, as well as tree planting (the other potential control 
technology Mr. Simpson explicitly referenced), as "pollutant mitigation 
or offset practices," which the Region explained, it does not consider in 
the PSD BACT analysis. See id. at 38-39. Later, in responding to 
Mr. Simpson's comment recommending consideration of "carbon 
sequestration in algae ponds" as a feasible control technology, the 
Region stated that, "[a]s discussed [in the previous response], we do not 
believe algae ponds are a GHG technology at this time. The commenter 
has not provided any information indicating that the use of algae ponds 
is currently available for carbon sequestration." I d. at 46 (emphasis 
added). 


Mr. Simpson's petition does not confront the Region's responses 
to his comment. While acknowledging that the Region responded to his 
comment, see Pet. at 19 (quoting RTC at 39), he does not rebut the 
Region's statements in any way. In fact, the bulk of his argument on this 
issue consists of a recital of his comment and the Region's response. See 
id. This is not sufficient to demonstrate that review is warranted on this 
issue. See, e.g., Native Vill. of Kivalina IRA Council v. EPA, 687 F.3d 
1216, 1221 (9th Cir. 2012) ("Because [petitioner] did not engage the 
EPA's responses to public comments, it did not meet its burden of 
showing that EAB review * * * was wan-anted."), aff'g, In re Teck 
Alaska, Inc., NPDES Appeal No. 10-04 (EAB Nov. 18, 2010); Mich. 
Dep 't Envtl. Quality v. EPA, 318 F.3d 705, 708 (6th Cir. 2003) 
("[Petitioner] simply repackag[ing] its comments and the EPA's response 
* * * does not satisfy the burden of showing entitlement to review."), 
ajf'g In re Wastewater Treatment Facility ofUnion Twp., NPDES Permit 
No. 00-26 & 00-28 (EAB Jan. 23, 2001) (Order Denying Petitions for 
Review); Indeck, 13 E.A.D. at 170 ("[A] petitioner's failure to address 
the permit issuer's response to comments is fatal to its request for 
review."); Peabody, 12 E.A.D. at 33 ("[P]etitioner may not simply 
reiterate comments made during the public comment period, but must 
substantively confront the permit issuer's subsequent explanations."). 


Confronting a permit issuer's explanation is pmiicularly 
important in technical matters, where the Board defers to the technical 
expertise ofthe permit issuer. Pittsfield, at 8 & n.6; see also, e.g., In re 
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Town of Westborough, 10 E.A.D. 297,311-12 (EAB 2001) ("declin[ing] 
to second-guess the Region's technical judgments and explanations for 
rejecting [petitioner's] alternate approach" where petitioner failed to 
address permit issuer's substantive responses to comments on these 
technical issues). The "availability"18 of algae ponds as a control 
technology is a highly technical issue, and Mr. Simpson has provided no 
basis for second-guessing the Region's judgment. 


In sum, Mr. Simpson has failed to confront the Region's 
response to his comments on algae ponds or to explain why the Region's 
conclusion was clearly enoneous. Mr. Simpson has therefore failed to 
demonstrate that review is warranted on this issue. 


2. Substantive Issues 


a. The Region Did Not Clearly Err or Abuse Its 
Discretion in Setting BACTfor GHGs Based on the 
Proposed Solar Thermal Component for PHPP 


In the Final Pe1mit, the Region established BACT emission 
limits for GHGs after taking into account the proposed solar thermal 
component, which was designed to generate up to 50 MW of power. 
RTC at 40; Reg. Resp. at 28. On appeal, Mr. Simpson challenges the 
Region's analysis of the solar power component and essentially argues 
that the Region should have considered alternative, unspecified solar 
power configurations. Pet. at 20-22. In response, the Region explains 
that it was unnecessary to consider alternative solar configurations that 
would increase the amount of solar power generated beyond the 
proposed 50 MW because such alternative configurations would not 
meet the project's primary purpose and thus would run afoul of the 
Agency's policy against "redefining the source." Reg. Resp. at 28. The 
Region also reiterated that any additional solar power at the site would 
be infeasible due to space constraints. !d. The question the Board 
considers, therefore, is whether the Region clearly erred or abused its 


18 In this context, "availability" refers to "those air pollution control 
technologies or techniques with a practical potential for application to the emissions unit 
and the regulated pollutant under evaluation." NSR Manual at B.5 (summarizing step 1 
analysis); accord In reGen. Motors, Inc., 10 E.A.D. 360, 364 n.4 (EAB 2002). 
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discretion in setting BACT for GHGs based on the 50 MW solar thermal 
component as proposed by the applicant. 


(i) Relevant Facts 


PHPP is a proposed hybrid, natural gas-solar plant, the primmy 
purpose of which is "to provide 570 MW ofbaseload power to increase 
the reliability of the electrical supply" for the City. RTC at 40; see also 
City of Palmdale, Application for PSD Permit for PHPP ("PSD 
Application") at 2-1 (Mar. 2009) (A.R. I-1) (proposed project overview). 
While PHPP would predominantly be a natural gas-powered facility, one 
of the City's stated objectives is to use solar technology to generate a 
portion of the facility's power output (up to 50 MW) in support of 
Califomia's renewable energy goals. See Memorandum from 
H. Balentine & S. Head, AECOM, to L. Bingham & J. Lapka, U.S. EPA, 
Response to EPA Comments on PHPP GHG BACT Analysis at 3 
(July 15, 2011) (A.R. I-24) [hereinafter Suppl. GHG BACT Analysis] 
(defining and expanding upon the business purpose ofPHPP in response 
to EPA request);·see also RTC at 40; Fact Sheet at 5 ("On sunny days, 
the solar anay is capable of providing 50 MW of the total electrical 
generation from the steam turbine."). More specifically, the City seeks 
to integrate the solar component and its combined-cycle component in 
a way that maximizes the synergies between the two technologies to 
increase the Project's efficiency. Suppl. BACT Analysis at 3. The 
Project thus is designed so that "[ d]uring periods when the solar 
collectors are in use (i.e., daytime when the sun is shining on the site), 
the solar field will provide heat directly to the [heat·recovety steam 
generators] to produce more steam, which will allow the facility to 
reduce firing of the duct bumers[, which are powered by natural gas]. 
This design feature enhances the Project's ability to respond to the 
energy markets by providing additional power during peak demand 
periods (e.g., hot summer aftemoons), while consuming less natural gas 
fuel." PSD Application at 2-3. 
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The proposed PHPP will be located on a 3 3 3-acre19 parcel owned 
by the City. Draft Permit at 1; Final Permit at 1. As currently designed, 
the solar array fields utilize 251 out of the 333 acres (approximately 75% 
of the property). See Fact Sheet at 5. The remaining property is utilized 
for the plant's power block (26 acres) and for an access road through the 
solar panel fields to the plant, setbacks, and drainage facilities (56 acres 
combined). CEC, Final Staff Assessment for the Palmdale Hybrid Power 
Project at 3-1, figs. 2-3b & 2-4 (Dec. 2011) (A.R. VIII-2) [hereinafter 
CEC FSA]; see also PSD Application fig. 2-2. 


In order to construct PHPP, the City is required to obtain a PSD 
permit from EPA as well as obtain State and local construction approvals 
for the project. Fact Sheet at 3; see also PSD Application at 1-1. The 
local Antelope Valley Air Quality Management District issued a final 
Detetmination of Compliance for the Project on May 13,2010, and the 
Califomia Energy Commission issued its Final Commission Decision 
approving the project's Application for Cetiification on August 10, 
2011.2° Fact Sheet at 3. Shortly thereafter, in August of 2011, the 
Region issued a proposed PSD petmit (i.e., draft permit) along with a 
Fact Sheet and Ambient Air Quality Impact Report. See EPA Region 9 's 
Excerpts of the Record index. 


In the Fact Sheet, the Region stated that "the project design 
includes 50 MW of potential solar thermal power generation, which 
represents an inherently lower-emitting technology for the facility as a 
whole." Fact Sheet at 27 n.28. The Region did not, however, expressly 
state whether it had taken into account the 50 MW solar component 
proposed by the applicant in making its BACT detetmination for GHGs. 
Reg. Resp. at 27; see Fact Sheet at 27-31 (BACT analysis for GHGs); 
see also Fact Sheet at 3, 5 (generally mentioning the solar component). 
Nor did the Region explicitly require the permit applicant to operate the 


19 Although the Response to Comments document states that the project site is 
331 acres, RTC at 40, all other administrative record references to the project size state 
that PHPP will be 333 acres. E.g., Final Permit at 1; Fact Sheet at 2; Draft Permit at 1; 
PSD Application at 2-1. The sum total of the acreage for the solar array field, power 
block, drainage ditches, and setbacks is 333 acres. Thus, the Board assumes for the 
purpose of this decision that the correct acreage is 333. 


20 The Region included both of these documents in the administrative record 
for its PSD permitting decision. See A.R. VI-11, VIII-5. 
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solar component as a condition of the draft permit. Reg. Resp. at 27; see 
Fact Sheet at 27-31 (BACT analysis for GHGs). 


In his comments on the draft permit, Mr. Simpson raised vety 
general concerns about the solar component of the proposed project. See 
Pet. Ex. C at 4 7. He first stated that the Region "appear[ ed] to indicate" 
that solar power was considered by the Region to be a GHG control 
technology and that, "[ w ]hile [he] could agree with this interpretation[,] 
the solar component does not appear to [be] regulated by the PSD 
permit." !d. He contended that the solar component might be a "scam" 
and that the petmit applicant might never construct some or all of it. !d. 
Thus, he argued, "the Permit should include a condition requiring 
50 MW of solar generation." Id. He also posed two questions: "If 
50 MW of solar represents a control technology[,] would a greater solar 
component represent greater control? What is the ideal ratio of solar to 
natural gas for maximum GHG and [environmental justice] benefits for 
this proposal?" !d. 


In response to these comments, the Region first addressed 
Mr. Simpson's assertion that the proposed permit lacked a condition 
requiring the solar component. The Region acknowledged 
Mr. Simpson's concern stating: 


Upon review of this comment, we find it appropriate to 
clearly state that the solar component is a lower
emitting GHG technology at this facility. Because the 
solar component is integrated into the heat recovery 
portion of the [P]roject, it has the potential to reduce 
GHG emissions by reducing use of the duct burners 
during peak energy demand. The Project, as described 
in the application, includes the development of 50 MW 
of solar energy. As an integrated part of the Project 
with the ability to reduce GHG emissions, we consider 
the solar component to be part of the GHG BACT 
determination for the combustion turbines and 
associated heat recovery system. 


RTC at 39-40. Consequently, "to ensure that the solar component is a 
required part of the facility," the Region added several permit conditions 
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explicitly "requir[ing] construction of a solar-thermal plant designed to 
generate 50 MW ofpower."21 !d. (emphasis added). 


Then, addressing Mr. Simpson's questions regarding whether a 
greater solar component would represent greater control and what the 
ideal ratio of solar to natural gas might be, the Region explained: 


While EPA agrees that for any project there are less 
GHG emissions per [megawatt hour] from solar energy 
than from fossil fuel energy, the primary purpose of 
PHPP is to provide 570 MW of baseload power to 
increase the reliability of the electrical supply for the 
City of Palmdale. In addition, the applicant has 
proposed to use solar technology to generate a portion 
of the facility's power output to support the State of 
California's goal of increasing the percentage of 
renewable energy in the State. The applicant is 
proposing to use 251 acres of a 3 31-acre [sic] lot for 
solar generation. An all solar facility would not be 
feasible because of the space constraints of the 331-acre 
[sic] lot and because solar energy is not available at all 
times to meet baseload demands. Given the scope of the 
Project, it is not necessary for the applicant to determine 
an optimal ratio of solar to natural gas. 


Finally, we note that the incorporation of the solar 
power generation into the BACT analysis for this 
facility does not imply that other sources must 
necessarily consider alternative scenarios involving 
renewable energy generation in their BACT analyses. 
In this patiicular case, the solar component was a part 
of the applicant's Project as proposed in its PSD permit 
application. Therefore, requiring the applicant to 
utilize, and thus construct, the solar component as a 
requirement of BACT did not fundamentally redefine 
the source. EPA has stated that an applicant need not 
consider control options that would fundamentally 


21 Neither Mr. Simpson nor the permit applicant challenged the Region's 
decision to add permit conditions that require the incorporation of the solar component. 







CITY OF PALMDALE 


redefine the source. However, it is expected that each 
applicant consider all possible methods to reduce GHG 
emissions from the source that are within the scope of 
the proposed project. 


Jd. (footnotes omitted) (emphasis added). 
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In his Petition, Mr. Simpson objects to the Region's Response 
to Comments, contending that "EPA called upon the excuse of 
impermissible redesign to pave an automatic off-ramp for solar." Pet. 
at 20. In Mr. Simpson's view, the Region "admitted in the Response to 
Comments that [solar] was in fact a control technology" for GHGs, id., 
and therefore, it was obligated to do a full BACT analysis of the solar 
technology options, including increasing the ratio of solar to natural gas 
energy for PHPP. Jd. at 20-22. Mr. Simpson also argues that the 
Region's conclusions were "without basis" because "there may actually 
be almost twice as much land available for the project" (in the form of 
other City-owned property) and there may be more space on the 333-acre 
property to place additional solar panels.22 Jd. at 22-23. 


Responding to the Petition, the Region states that it "believed 
that alternative solar configurations would not meet the primary project 
purpose and therefore need not be considered further," because "to do so 
would require fundamentally redefining the source." Reg. Resp. at 28. 
In so responding, the Region invokes the Agency's longstanding policy 
against using BACT analysis to require "redefinition of the source." The 
Region also relies on the Agency's recent GHG PSD guidance. Jd. 
at 29-30. A discussion of the redefining the source policy, as well as the 
Agency's recent GHG PSD guidance, follows. 


22 Mr. Simpson also argues that the Region should have considered the potential 
to store solar power. Pet. at 24. As explained further in note 37 below, this argument is 
subsumed by the Board's analysis of Mr. Simpson's argument that additional land 
purportedly is available to the City, which was not properly raised and therefore is 
waived. 
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(ii) Relevant Legal Principles: BACT, 
Redefining the Source, GHG PSD Guidance 


As mentioned above in Part VI, a permitting authority's final 
BACT determination is an emissions limit that reflects the best available 
control technology, rather than a specific control technology 
requirement. See CAA § 169(3), 42 U.S.C. § 7479(3); 40 C.F.R. 
§ 52.21(b)(12); see also In re Three Mountain Power, LLC, 10 E.A.D. 
39, 54 (EAB 2001) (explaining that where the facility could meet the 
emissions limit with either of two technologies, elimination of one did 
not lead to an erroneous permit determination because "BACT means an 
emission limitation, rather than a particular control technology" (citation 
omitted)); In re Hillman Power Co., 10 E.A.D. 673, 691 (EAB 2002) 
(denying review of challenge to pollution control technology permittee 
planned to use where petitioner did not challenge the associated BACT 
emissions limit because permittees "have flexibility to implement various 
pollutant control technologies, methods, or techniques to achieve their 
BACT limits, as long as those BACT limits are achieved"). For this 
Final Permit, the Region set the annual GHG emissions limit at 
1,913,000 tpy of C02e (carbon dioxide equivalents). See Final Permit 
at 7; see also id. at 8, 11-12 (other GHG-related limits). The Region 
stated that it "consider[ ed] the solar component to be pmi of its GHG 
BACT determination for the combustion turbines and associated heat 
recovery system." RTC at 40. Mr. Simpson has not challenged the 
specific GHG emissions limit the Region established for PHPP. 


When conducting a BACT analysis, permit issuers typically 
consider both "inherently lower polluting processes/practices"23 and add
on control technologies24 to determine the appropriate emissions limits 
for an NSR or PSD permit. NSR Manual at B.1 0. Permitting authorities, 
however, are not required to consider inherently lower polluting 
technology alternatives that would require "redefining the design" of the 


23 Inherently lower-emitting processes/practices include the "use of materials 
and production processes and work practices that prevent emissions and result in lower 
'production-specific' emissions." NSR Manual at B.IO. 


24 Add-on controls include devices such as scrubbers or fabric filters that 
control and reduce emissions after they are produced. NSR Manual at B.l 0. 
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source as proposed by the permit applicant. Id. at B.13; Knauf I, 
8 E.A.D. at 136. The NSR Manual explains: 


Historically, EPA has not considered the BACT 
requirement as a means to redefine the design of the 
source when considering available control alternatives. 
For example, applicants proposing to construct a coal
fired generator have not been required by EPA as part 
of a BACT analysis to consider building a natural gas
fired electric turbine although the turbine may be 
inherently less polluting per unit product (in this case 
electricity) * * *. Thus, a natural gas turbine normally 
would not be included in the list of control alternatives 
for a coal-fired boiler. 


NSR Manual at B.13. 


The Board has consistently upheld permitting decisions that 
appropriately apply the Agency's policy25 against requiring permit 
issuers to consider alternatives that would redesign the source proposed 
by a permit applicant. 26 See, e.g., RCEC, slip op. at 95-100, 15 E.A.D. 
at _; In re Prairie State Generating Co., 13 E.A.D. 1, 14-28 
(EAB 2006), aff'd sub. nom Sierra Club v. EPA, 499 F.3d 653 (7th Cir. 
2007); Knauf!, 8 E.A.D. _, 136; In re SEI Birchwood, Inc., 5 E.A.D. 
25, 29-30 n.8 (EAB 1994); In re Haw. Commercial & Sugar Co., 
4 E.A.D. 95, 99-100 (EAB 1992); see also In re Old Dominion Elec. 
Coop., 3 E.A.D. 779, 793 n.38 (Adm'r 1992). In Sierra Club, the 
Seventh Circuit Court of Appeals upheld the Agency's application of its 


25 While often referred to as a "policy," it is clear from both the Board's and the 
Seventh Circuit Court of Appeal's decisions that "the policy is really an agency 
interpretation of ambiguous statutory provisions." In re Desert Rock Energy Co., PSD 
Appeal No. 08-03 to -06, slip op. at 61, 63 (EAB Sept. 24, 2009), 14 E.A.D. at_ 
(referring to Sierra Club, 499 F.3d at 655-56; Prairie State, 13 E.A.D. at 18 ("[T]he 
policy represents a permissible resolution of ambiguity found in the CAA statutory text 
of sections 165 and 169.")). 


26 For a delineation of the history, statutory and regulatory basis, and 
application of the "redefining the source" policy, which includes a discussion of the CAA 
clean fuels provision Mr Simpson mentions, see Prairie State, 13 E. A.D. at 15-23. See 
also Desert Rock, slip op. at 59-65, 14 E. A.D. at_ (expounding on Prairie State). 
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policy against redefining the source. 499 F.3d at 655 ("[T]o exclude 
redesign is the kind of judgment by an administrative agency to which 
a reviewing court should defer."). 


Many of the decisions cited above specifically addressed the 
issue of whether the BACT analysis should include altemative fuel 
designs for electric power generating stations. See Prairie State, 
13 E.A.D. at 25 ("It has * * *been long-standing EPA policy that certain 
fuel choices are integral to the electric power generating station's basic
design." (citing NSR Manual at B.l3)); SEI Birchwood, 5 E.A.D. at 29-
30 n.8 (switching to natural gas would redefine coal-fired electric 
generating plant); Haw. Commercial, 4 E.A.D. at 99-100 (switching from 
coal to oil-fired combustion turbine not required); Old Dominion, 
3 E.A.D. at 793 (switching to natural gas would redefine coal-fired 
electric generating plant); In re Pennsauken Cnty., 2 E.A.D. 667, 673 
(Adm'r 1988) (replacing proposed municipal waste combustor with plan 
to use a 20/80 mixture of refuse-derived fuel/coal at existing plants 
would redefine the source); see also Desert Rock, slip op. at 69, 
14 E.A.D. at_ (remanding a permit decision where applicant had stated 
that the technology could satisfy its business purpose and other federal 
permits for similar facilities had not found technology to be a 
redefinition of the source); cf In re Hibbing Taconite Co., 2 E.A.D. 838, 
842-43 (Adm'r 1989) (taconite processing plant proposing to bum 
petcoke in its boiler was required to consider natural gas as altemative 
fuel in BACT analysis where existing facility used natural gas).27 


As the Board has thoroughly explained in prior cases, 
determining whether a potential control option would redefine the source 


27 In Sierra Club, the Seventh Circuit observed that requiring a BACT analysis 
for a coal-fired power plant to consider using alternate fuel sources such as nuclear fuel, 
or hydroelectric or wind power clearly would produce extreme results: 


That approach would invite a litigation strategy that would make 
seeking a permit for a new power plant a Sisyphean labor, for there 
would always be one more option to consider. The petitioners to 
their credit shy away from embracing the extreme implications of 
such a strategy, which would stretch the term "control technology" 
beyond the breaking point. 


499 F. 3d at 655. 
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requires the permit issuer to examine first how the applicant initially 
"defines the proposed facility's end, object, aim, or purpose- that is the 
facility's basic design." Prairie State, 13 E.A.D. at 22 (footnotes and 
citations omitted). A permit issuer then must assess "which design 
elements are inherent for the applicant's purpose and which design 
elements 'may be changed to achieve pollutant emissions reductions 
without disrupting the applicant's basic business purpose for the 
proposed facility,' while keeping in mind that BACT, in most cases, 
should not be applied to regulate the applicant's purpose or objective for 
the proposed facility." Desert Rock, slip op. at 64, 14 E.A.D. at _ 
(quoting Prairie State, 13 E.A.D. at 23, 26); accord RCEC, slip op. 
at 97-98, 14 E.A.D. at_. Additionally, the permit issuer must ensure 
that the proposed facility design was derived for reasons independent of 
air quality permitting.28 Prairie State, 13 E.A.D. at 26; accord RCEC, 
slip op. at 98, 14 E.A.D. at_; Desert Rock, slip op. at 64, 14 E.A.D. 
at 


Recent Agency guidance addressing greenhouse gases in the 
permitting context confirms that the redefining the source policy applies 
to PSD permitting for GHGs. The guidance states: 


While Step 1 [of a BACT process] is intended 
to capture a broad array of potential options for 
pollution control, this step of the process is not without 
limits. EPA has recognized that a Step 1 list of options 
need not necessarily include lower polluting processes 
that would fundamentally redefine the nature of the 
source proposed by the permit applicant. BACT should 
generally not be applied to regulate the applicant's 
purpose or objective for the proposed facility. 


U.S. EPA, EPA-457/B-11-00l,PSDandTitle VPermittingGuidancefor 
Greenhouse Gases 26 (Mar. 2011) (citing Prairie State, 13 E.A.D. at 23) 


28 There is no suggestion in this case that the City's proposed design of its 
power plant was an attempt to circumvent BACT analysis or air quality permitting 
requirements. See Prairie State, 13 E. A.D. at 26. Indeed, the record shows that the City 
included a solar component in this project in order to improve air quality in the region 
and to meet the State of California's renewable energy requirements. RTC at 40; see 
generally PSD Application; CEC FSA. 
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[hereinafter GHG Permitting Guidance]. Additionally, in addressing the 
application of the guidance to clean fuels in particular, the guidance 
states: 


[W]hen a permit applicant has incorporated a particular 
fuel into one aspect of the project design (such as 
startup or auxiliary applications), this suggests that a 
fuel is "available" to a permit applicant. In such 
circumstances, greater utilization of a fuel that the 
applicant is already proposing to use in some aspect of 
the project design should be listed as an option in Step 
1 unless it can be demonstrated that such an option 
would disrupt the applicant's basic business purpose 
for the proposedfacility. 


Id. at 28 (emphasis added). Thus, a critical question in considering 
alternative solar configurations for PHPP- under both the redefining the 
source doctrine and recent GHG guidance - is whether any alternative 
configuration would disrupt the basic business purpose of the proposed 
facility. 


The Region is given broad discretion in making this 
determination. NSRManual atB.l3-.14;RCEC, slip op. at 97, 15 E.A.D. 
at_; Desert Rock, slip op. at 59-60, 65, 14 E.A.D. at_; see also Sierra 
Club, 499 F.3d at 655-56 (delineating Agency's discretion in 
dete1mining whether a particular control option would redefine the 
source).29 Because petmitting authorities, such as the Region, have 
broad discretion in determining whether a control option would redefine 


29 In Sierra Club, the Seventh Circuit deferred to EPA's expert judgment to 
determine whether an alternative source would amount to a "redefinition of the design of 
the source" under EPA's policy: 


[The] * * * distinction * * * is one of degree and the treatment of 
differences of degree in a technically complex field with limited 
statutory guidance is entrusted to the judgment of the agency that 
administers the regulatory scheme rather than to courts of generalist 
judges. 


499 F. 3d at656 (citing Chevron, U.S.A., Inc. v. Natural Res. Def Council, 467 U.S. 837, 
842-43 (1984)). 
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the source, the Board reviews such determinations under an abuse of 
discretion standard. RCEC, slip op. at 97, 14 E.A.D. at_; Desert Rock, 
slip op. at 59, 65, 76-77, 14 E.A.D. at_. 


(iii) Analysis of the Region's Decision with 
Respect to the Solar Component at PHPP 


In deciding not to set GHG BACT limits based on a larger solar 
thermal component than that proposed by the City, the Region concluded 
that other solar configurations would "redefine the source." Reg. Resp. 
at 28; RTC at 40. As stated above, the Region relied on two primary 
reasons for its conclusion: that alternative solar configurations would not 
meet the project's primary purpose, which is to provide "baseload power 
to increase the reliability of the electrical supply" for the City, and that 
space constraints limit the amount of solar generation that can be 
generated on the property. RTC at 40. Although the Region appears to 
have concluded that any alternative configuration would redefine the 
source, its analysis focused primarily on the alternative of an all-solar 
plant. See id. The Board separately addresses below the Region's 
determination first as applied to an all-solar alternative and then as 
applied to potential alternatives for expanding the solar component to 
generate more electrical power than the 50 MW proposed design. 


The Region's determination in this case that an all-solar plant 
would be incompatible with the primary purpose of the proposed power 
plant- to provide 570 MW ofbaseload power- is fully supported by the 
administrative record. As the Region points out, baseload plants must be 
available to meet demand "at all times." !d. According to the record, 
however, "solar power plants alone do not produce reliable energy 
generation night and day." !d.; see also CEC FSA at 6-28; CEC, 
CEC-800-2011-005, PHPP Commission Decision at 3-13 (Aug. 10, 20 11) 
(A.R. VIII-5) [hereinafter Final CEC Decision]. Thus, "[e]nergy 
production would either have to be supplemented by a storage facility to 
produce during the evening and night hours or would be available only 
throughout the daylight hours. Because of the limited energy during night 
hours, Palmdale would not increase its level of assurance that residential, 
commercial, and industrial power needs in the City would be met, which 
is one of the PHPP project objectives." CECFSA at 6-28; Final CEC 
Decision at 3-13. In other words, such a design would be incompatible 
with PHPP's overarching purpose: a reliable, baseload facility. 
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Rejecting an all-solar option on these facts also comports with the' 
recent GHG guidance, which states that a permit issuer should consider, 
in step 1 of its BACT analysis, "greater utilization of a fuel that the 
applicant is already proposing to use in some aspect of the project design" 
-which would presumably include solar power in this case- "unless it 
can be demonstrated that such an option would disrupt the applicant's 
basic business purpose for the proposed facility."30 GHG Permitting 
Guidance at 28 (emphasis added). Here, the Region reasonably 
concluded that an all-solar option would disrupt the City's basic business 
purpose. 


Notably, the CEC had reviewed the proposed PHPP project and 
potential technological and siting alternatives under the California 
Environmental Quality Act and its own regulations and had come to the 
same conclusion with respect to an all-solar alternative, stating: 


[T]he evidence establishes that an all solar option would 
not obtain the project objectives of (1) ensuring that 
sufficient electricity was available to meet the power 
needs of residential, commercial, and industrial users 
within the City of Palmdale, (2) being located within 
Palmdale's boundaries and (3) would likely result in 
additional significant impacts. 31 


Final CEC Decision at 3-14. The Board concludes the Region's 
dete1mination here that an all-solar alternative would redefine the source 
was eminently reasonable and consistent with Agency guidance and prior 


30 The GHG guidance does not give any further guidance to permitting 
authorities on how to determine whether, and when, a greater utilization of a fuel would 
disrupt the applicant's basic business purpose. In light of the challenges posed by making 
such a determination for a hybrid plant with a solar component such as the PHPP, further 
guidance on this topic may be beneficial to permitting authorities and promote consistent 
decisionmaking in such cases as they arise. 


31 The CEC also recognized that an all-solarplant would require the acquisition 
of 2,280 to 5,700 acres to generate the equivalent electricity of the proposed project. 
Final CEC Decision at 3-13 to 3-14. The CEC further observed that, although an all
solar alternative may reduce even further the impacts associated with air emissions, it also 
likely would result in significant negative impacts to biological resources, including 
greater loss of habitat for desert tortoise and other species of concern, and also have soil 
erosion impacts. Id. 
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Board decisions, cited above, which have rejected using a BACT analysis 
to require fundamental changes in the fuel design of electric power 
generating stations. 


While an all-solar alternative to the proposed PHPP design plainly 
would constitute redefinition of the source under Agency policy, whether 
the Region should have analyzed options for expanding the solar 
component to generate more than the proposed 50 MW design capacity 
(stopping short of an all-solar design) presents a less clear issue. First, 
Mr. Simpson's public comments raising this question were brief and 
vague. 32 Under established Board case law, it is questionable whether the 
Region had any obligation to conduct a substantive analysis in response 
to these questions. See In re Westborough, 10 E.A.D. 297, 298 
(EAB 2002) (concluding that merely posing generalized questions during 
the comment period without indicating how the answers to those 
questions would affect the petmi t limits was insufficient to transfmm such 
questions into an objection to the permit); In reNew Eng. Plating Co., 
9 E.A.D. 726,734-35 (EAB 2001) (determiningthatpetitioner's comment 
that it would be unable to meet a permit condition was insufficient to 
encompass the specific question raised on appeal concerning a 
compliance schedule or delayed effective date); see also In re 
ConocoPhillips Co., 13 E.A.D. 768, 801 (EAB 2007) (articulating a 
petitioner's obligation to identify all issues with a reasonable degree of 
specificity and clarity). 


The lack of specificity in Mr. Simpson's comments, and 
especially his question as to the "ideal ratio" of solar to natural gas power 
for this plant, effectively calls upon the Region to analyze a myriad of 
potential solar configurations for the proposed plant. Engaging in such 
an exercise would impose a heavy burden on the Region that goes well 
beyond the permitting authority's obligations to consider and respond to 
public comments and to satisfy statutory and regulatory obligations in 
setting a BACT emissions limit that protects public health and the 
environment. The permit process cannot work efficiently or as designed 


32 Again, Mr. Simpson's only comment on this issue consisted of two questions: 
(1) "If 50 MW of solar represents a control technology[,] would a greater solar 
component represent greater control?"; and (2) "What is the ideal ratio of solar to natural 
gas for maximum GHG and [environmental justice] benefits for this proposal?" 
Pet. Ex. Cat 47. 
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by Congress if the permit issuer is obliged to anticipate and analyze 
multiple permutations or variations of conceivable options that an 
overbroad and vague question can invoke. 


Moreover, Mr. Simpson did not present any information in his 
comments, nor is there any indication in the administrative record, that 
incremental expansion of the power generation capacity of the solar 
component would make any significant difference to the final BACT 
emissions limit for GHGs at this facility. As noted above, the final BACT 
determination is an emissions limit, not a specific technology, and Mr. 
Simpson did not challenge the Region's GHG emissions limit for this 
permit. Thus, Mr. Simpson's comments fall far short of the required level 
of specificity that would trigger an obligation by the Region to conduct a 
detailed BACT analysis of a proposed design alternative. 


It is unclear from the record whether the Region in fact 
considered any possibilities for incremental expansion of the 50 MW 
solar component that might not interfere with the PHPP' s primary purpose 
of providing a reliable electric supply for the City of Palmdale.33 The 
Region's analysis, which focused almost exclusively on an all-solar plant 
alternative, was less than fulsome in this regard. See Desert Rock, slip op. 
at 69, 14 E.A.D. at_ (remanding a permit decision, in pmi, because the 
permit issuer did not take a "hard look" at the record and provide a 
sufficient explanation for why the proposed control technology would 
redefine the source). 


However, the Board need not decide whether the Region should 
have taken a harder look at whether some incremental expansion of the 
solar component ofPHPP could be compatible with achieving the plant's 
primary purpose, because as explained further below, the administrative 
record demonstrates that it would be infeasible to generate additional 
solar power in any significant amount at the proposed site due to space 
constraints. As the Board reiterated in In re Steel Dynamics, Inc., 
9 E.A.D. 165 (EAB 2000), to justify a remand, "there must be a 


33 For example, it is unclear whether some additional solar power could be 
generated to reliably replace a moderately greater degree of duct burning and, if so, 
whether that expanded solar configuration also would redefine the source (i.e., whether 
a moderately increased solar configuration also would be inconsistent with the business 
purpose of providing a reliable, baseload facility). 
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compelling reason to believe that the omissions [by the permitting 
authority] led to an erroneous petmit determination- in other words, that 
[omissions] materially affected the quality of the permit detetmination." 
9 E.A.D. at 191-92 (quoting In re Mecklenburg Cogeneration Ltd. P 'ship, 
3 E.A.D. 492, 494 n.3 (Adm'r 1990)); accord Three Mountain Power, 
10 E.A.D. at 55. Here, even if the Region's analysis was lacking with 
respect to the compatibility of a larger solar component with the plant's 
purpose, a more fulsome explanation would not alter the fact that no more 
space is available at the site. Thus, the final BACT detetmination of the 
GHG emissions limit could not be modified based on the premise of an 
expanded solar component. 


According to the record in this matter, the project as designed 
already utilizes approximately 75% of the project property (251 out of 
333 acres) to generate 50 MW of power using solar technology. See RTC 
at 40; Fact Sheet at 3-5. All of the remaining property is utilized for the 
plant's power block, setbacks, drainage, and roads. See PSD Application, 
fig. 2-2; CEC FSA at 3-1, figs. 2-3b & 2-4. Thus, the record indicates that 
there is essentially no more available space remaining on this 333-acre 
property. See PSD Application, fig. 2-2; see also CEC FSA at 3-1, 
figs. 2-3b & 2-4. Further, as Mr. Simpson points out, approximately 
5 acres is needed to produce 1 MW of solar generation at the PHPP site 
(50 MW generation from 251 acres). Pet. at 24; see also CEC FSA 
at 6-27 ("The average land required for a solar power plant is 8 acres per 
MW."). Thus, a substantial amount of additional acreage would be 
required to produce a significant amount of additional solar power, far 
more acreage than is available at the site. As such, the Region reasonably 
concluded that any additional solar power was infeasible due to space 
constraints. 


For the first time on appeal, Mr. Simpson questions whether 
additional solar panels could be placed on other City-owned property (or 
interspersed around the current facility) to increase PHPP's solar power 
generation. Pet. at 23 (refetTing without citation to a CEC description of 
the project). In its final decision, the CEC described the project as 
requiring petmanent use of a 333-acre site that is "patt of a 613.4 acre 
property owned by the City of Palmdale in an industrial area of the City 
which is currently zoned industrial." Final CEC Decision at 2-1. 
Mr. Simpson now suggests that the City could dedicate the additional land 
that it owns adjacent to the plant site to increase PHPP's solar generation 
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or storage capacity. Pet. at 23. There is no indication in the record that 
this suggestion is feasible. 34 


Moreover, Mr. Simpson offers this suggestion too late in the 
process. Petitioners are required to raise "all reasonably ascertainable 
issues and * * * all reasonably available arguments supporting 
[a petitioner's] position" during the comment period on the draft permit. 
40 C.F.R. § 124.13; see also In re Christian County Cogeneration, LLC, 
13 E.A.D. 449 (EAB 2007) (denying review of a petmit issuer's 
detetmination not to include a BACT limit for carbon dioxide in response 
to an intervening U.S. Supreme Court decision because the issue was 
reasonably ascertainable and petitioner had not preserved the issue during 
the public comment period). This requirement "is made a prerequisite to 
appeal by 40 C.F.R. § 124.19(a)," which requires petitioners to 
demonstrate that any issue being raised was first raised during the public 
comment period.35 ConocoPhillips, 13 E.A.D. at 800 (citing 40 C.F.R. 
§ 124.19(a)). As the Board previously has explained, the obligation to 
raise all arguments and issues during the public comment period is not an 
arbitrary hurdle, but instead is an important function related to the 
efficiency and integrity of the overall administrative scheme: 


The purpose of [the requirement to raise all issues during 
the public comment period] is to 'ensure that the Region 
has an opportunity to address potential problems with the 
draft permit before the petmit becomes final, thereby 
promoting the longstanding policy that most permit 
decisions should be decided at the regional level, and to 


34 Mr. Simpson, who has the burden of persuasion, points to nothing in the 
record that suggests the remaining portion of the 613 .4-acre property is or could be made 
available to PHPP for this project. The CEC considered and rejected three alternative 
sites to the one proposed for PHPP, one of which was larger than the proposed site. See 
Final CEC Decision at 3-1 to 3-21. In its alternatives analysis, the CEC also rejected the 
possibility of an all-solar alternative, an increased ratio of solar at PHPP, and a rooftop 
solar alternative because these "would not be feasible alternatives that would achieve the 
stated objectives ofthe project." !d. at 3-15. 


35 Although the Board has made some exceptions to this general proposition, 
the circumstances of this case do not warrant an exception. See generally Christian 
Cnty., 13 E.A.D. at 461 & n.20. 
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provide predictability and finality to the permitting 
process. 


51 


Id. (citations omitted). The Board routinely denies review of issues or 
arguments raised on appeal that were reasonably ascertainable, but were 
not raised during the public comment period. E.g., id.; Christian Cnty., 
13 E.A.D. at 457; Shell I, 13 E.A.D. at 457; In re BP Cherry Point, 
12 E.A.D. 209, 218-20 (EAB 2005); In re Kendall New Century Dev., 
11 E.A.D. 40,55 (EAB 2003); In reHaw. Elec. Light Co., 10 E.A.D. 219, 
227 (EAB 2001); In re Encogen Cogeneration Facility, 8 E.A.D. 244, 
249-250 (EAB 1999); see also LeBlanc v. EPA, 310 Fed. Appx. 770, 775 
(6th Cir. 2009) (holding that the Board correctly determined that 
petitioners did not preserve an issue because they failed to mention it in 
their comments and it was reasonably ascertainable), denying review of 
In re Core Energy, LLC, VIC Appeal No. 07-02 (EAB Dec. 19, 2007) 
(Order Denying Review). Issues also must be raised with a reasonable 
degree of specificity and clarity during the comment period in order for 
the issue to be preserved for review. See ConocoPhillips, 13 E.A.D. 
at 800 (denying review of issue of whether BACT for carbon dioxide and 
methane was required where commenter had merely expressed "extensive 
concern with greenhouse gas emissions"; such a general comment did not 
reflect the level of specificity necessary to preserve the more specific 
issue); see also, e.g., RCEC, slip op. at 43-44, 15 E.A.D. at_ (explaining 
that a comment questioning data from one facility in the context of 
emissions calculations was insufficient to preserve appeal concerning data 
from second facility); Shell I, 13 E.A.D. at 395 (determining that 
comments raising generalized concerns regarding appropriate monitoring 
were insufficient to preserve for review issue of whether permit 
limitations were federally enforceable within the meaning of the 
regulations ); In re Fla. Pulp & Paper Ass 'n, 6 E.A.D. 49, 54-55 
(EAB 1995) (concluding that comment regarding sludge testing being 
unnecessary was insufficient to preserve for appeal the question of legal 
authority to require sludge testing); In re Pollution Control Indus. o.find., 
Inc., 4 E.A.D.l62, 166-69 (EAB 1992) (explaining that comments on two 
aspects of testing requirement in petmit were insufficient to raise on 
appeal general objection to any testing requirement). 


Mr. Simpson has not pointed to any comment submitted during 
the public comment period that raises the question of whether the 
333-acre parcel on which the facility was designed to be located could be 
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expanded to include additional land owned by the City. Nor has 
Mr. Simpson pointed to any comment that suggests adding additional 
panels on rooftops at, or interspersed around, the current site.36 The 
Board declines to allow Mr. Simpson to raise these new and speculative 
arguments for the first time on appeal. Allowing such late objections 
would impose an unreasonable burden on the permitting authority to 
anticipate unstated objections, and potentially could lead to an endless 
cycle of comment, response, and appeals. Mr. Simpson waived any 
argument concerning the use of additional space to increase solar capacity 
by not raising it during the public comment period.37 


Because an all-solar configuration would clearly redefine the 
source and the record shows that a significant expansion of the solar 
component at PHPP is infeasible due to space constraints, the Board 
concludes that Mr. Simpson has not demonstrated that the Region clearly 
erred or abused its discretion in setting GHG BACT emissions limits 
based on the proposed solar thermal component for PHPP. 


b. The Region Did Not Clearly Err in Eliminating CCS 
as a Control Technology in Step 4 of the BACT 
Analysis 


Mr. Simpson next challenges the Region's determination, in 
step 4 of its final BACT analysis for GHGs, that CCS was economically 
infeasible. For the following reasons, the Board concludes that 
Mr. Simpson has failed to demonstrate clear error. 


36 The Board finds nothing in the administrative record that specifically 
addresses the feasibility of these additional suggestions. As explained above, the record 
amply demonstrates that the proposed design for the PHPP fully utilizes the proposed 
333-acre site for the power block, the solar array, and other necessary support structures. 


37 Mr. Simpson also suggests in his Petition that energy storage facilities could 
be built to overcome the problem of solar energy being unavailable at night. Such storage 
would require additional space. This argument is not only dependent on more space 
being available, it also was not raised during the public comment period and is therefore 
waived. See 40 C.P.R. §§ 124.13, .19(a). In any case, this suggestion seems to be based 
on little more than Mr. Simpson's speculation. Speculative suggestions fall short of 
establishing clear error or abuse of discretion on appeal. See, e.g., RCEC, slip op. at 107 
n.96, 15 E.A.D. at_ (quoting Three Mountain Power, 10 E.A.D. at 58 ("The Board will 
not overturn a permit provision based on speculative arguments.")); Encogen, 8 E.A.D. 
at 253 (same). 
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In its initial GHG BACT analysis, the Region did not consider 
CCS beyond step 2 of the BACT analysis (technical feasibility) because 
it had concluded that CCS would be "technically infeasible."38 See Fact 
Sheet at 28-29. In his comments, Mr. Simpson argued that the Region's 
CCS conclusion was actually based on cost, rather than on technical 
feasibility and, therefore, should have been analyzed at step 4 of the 
BACT analysis rather than at step 2. Pet. Ex. C at 46. He asked the 
Region to do a "real" step 4 cost analysis of CCS. !d.; see also RTC 
at 37. 


In response to this comment, the Region conducted a step 4 
BACT cost analysis, assuming for purposes of its analysis "that potential 
technical or logistical baniers would not make CCS technically 
infeasible." RTC at 37-38. The Region concluded, based on this 
assumption, that CCS would pass step 2 and be the top-ranked control 
technology in step 3 (ranking of available technologies). Id. The Region 
then presented the following explanation of costs in step 4 of its revised 
analysis: 


[T]he estimated capital costs for PHPP are $615-$715 
million dollars. For comparison purposes, if these capital 
costs were annualized (over 20 years) they are about $3 5 
million. In comparison, the estimated annual cost for 
CCS is about $78 million, or more than twice the value 
of the facility's annual capital costs. 


!d. at 38 (chart omitted). Based on these cost calculations, the Region 
eliminated CCS as a control option at step 4 "because it is economically 
infeasible." !d. 


On appeal, Mr. Simpson assetts that the Region's revised analysis 
contains two flaws: it "impermissibly compare[s] the overall price for 
CCS to the price for the facility" rather than comparing "dollars per ton 


38 In discussing its BACT analysis for GHGs in the August 2011 Fact Sheet, the 
Region stated that, "[b]ased on available information, we consider carbon capture from 
gas turbines to be technically feasible for the Project." Fact Sheet at 28. The Region, 
however, went on to conclude that "while we have determined that CO, capture and 
storage is technically feasible, we conclude that transport of the captured CO, to the 
potential sequestration sites is not feasible." !d. at 29; see also Part VII.A.2.a. 
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of pollutant removed/reduced," and it "grossly inflate[s]" the estimated 
cost of CCS. Pet. at 27. The Region responds that its price comparison 
approach was consistent with Agency guidance, Reg. Resp. at 34 (citing 
and quoting from GHG Permitting Guidance at 42), and that 
Mr. Simpson's cost data are irrelevant to the cost analysis for this facility, 
id. at 35. 


Upon review of the administrative record and the parties' briefs, 
the Board concludes that Mr. Simpson has not demonstrated that the 
Region clearly erred in its CCS BACT analysis. First, Mr. Simpson has 
not shown that the Region's price comparison approach for CCS was 
inappropriate or impermissible. As noted above in Pati VI, in step 4 of a 
top-down BACT analysis, the permitting authority considers the energy, 
environmental, and economic impacts of the control technologies still 
remaining under consideration and either con:fitms the top-ranked 
alternative from step 3 as appropriate or determines it to be inappropriate. 
NSR Manual at B.8-.9, .26-.53. In considering economic impacts in the 
BACT step 4 analysis, permit issuers typically consider two economic 
criteria: average and incremental cost effectiveness. Id. at B.31. Cost 
effectiveness is typically calculated as "the dollars per ton of pollutant 
emissions reduced."39 Id. The Agency's PSD and Title V permitting 
guidance for GHGs, however, contains additional GHG-speci:fic BACT 
step 4 considerations that permit issuers should take into account while 
analyzing economic impacts. Of patiicular relevance, the guidance states: 


With respect to the evaluation of the economic impacts 
ofGHG control strategies, it may be appropriate in some 
cases to assess the cost effectiveness of a control option 
in a less detailed quantitative (or even qualitative) 
manner. For instance, when evaluating the cost 
effectiveness ofCCS as a GHG control option, if the cost 
of building a new pipeline to transport the C02 is 
extraordinarily high and by itself would be considered 
cost prohibitive, it would not be necessary for the 
applicant to obtain a vendor quote and evaluate the cost 
effectiveness of a C02 capture system. As with all 


39 This general approach is based on EPA guidance, see NSR Manual at B.31, 
and is not mandated by statute or regulation, see generally 42 U.S.C. § 7479(3) (BACT 
definition); 40 C.F.R. § 52.2l(b)(l2) (same). 
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evaluations of economics, a permitting authority should 
explain its decisions in a well-documented permitting 
record. 
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GHG Permitting Guidance at 42. Consistent with this guidance, the 
Region determined that the cost of CCS would be so high - twice the 
annual cost of the entire project that it would clearly be cost prohibitive. 
Thus, the Region's price comparison approach was neither inappropriate 
nor impermissible. 40 


Second, Mr. Simpson fails to demonstrate that the Region 
"grossly inflated" the costs of CCS. Mr. Simpson claims that cost 
information from the interagency report the Region relied upon suggests 
that the estimated annual cost for CCS at PHPP would be $19 million, not 
$78 million. Pet. at 28 (refening to Report of the Interagency Task Force 
on Carbon Capture and Storage at 33 (Aug. 2010)). As the Region points 
out, however, Mr. Simpson has misread the report. In support of his 
assertions, he cites capital cost information that applies to an Integrated 
Gasification Combined Cycle ("IGCC") power plant. Id. PHPP, 
however, is not an IGCC plant. It is a natural-gas fired power plant.41 See 


40 The guidance recognizes that the costs of CCS would likely lead to its 
elimination as BACT either in step 2 or 4, stating that "at present CCS is an expensive 
technology, largely because of the costs associated with C02 capture and compression, 
and these costs will generally make the price of electricity from power plants with CCS 
uncompetitive compared to electricity from plants with other GHG controls. Even if not 
eliminated in Step 2 of the BACT analysis, on the basis of the current costs of CCS, we 
expect that CCS will often be eliminated from consideration in Step 4 of the BACT 
analysis***." GHG Permitting Guidance at 42-43. 


41 An IGCC plant uses coal as its fuel source, "but in an initial 'gasification' 
part of the process, the coal is chemically converted into a synthetic gas ("syngas"). The 
syngas is cleaned to remove various pollutants * * * and is then burned in a gas turbine 
to generate electric power." Desert Rock, slip op. at 57, 14 E. A.D. at_; see also Reg. 
Resp. at 35 n.l4 ("The IGCC process gasifies solid or liquid fuel into C02 and hydrogen 
(H2) prior to the occurrence of combustion and power production."). The carbon capture 
for an IGGC plant therefore occurs pre-combustion. See Reg. Resp. at 35. In a natural 
gas facility, however, carbon capture occurs post-combustion. !d. at 35; see also Fact 
Sheet at 27 ("CCS is a technology that involves capture and storage of C02 emissions to 
prevent their release to the atmosphere. For a gas turbine, this includes removal of CO, 
emissions from the exhaust stream * * *") (emphasis added). In its CCS analysis, the 
Region considered the greater costs connected with post-combustion carbon capture. 


(continued ... ) 
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Fact Sheet at 3. Thus, the data upon which Mr. Simpson relies are 
inapplicable here and do not demonstrate error by the Region. 


Mr. Simpson also claims that the Region erred because its 
analysis ignored "the potential[] to pay for the technology through 
ancillary sources" described in a 2009 Integrated Energy Policy Report 
issued by CEC. Pet. at 28. These ancillary sources include various grant 
programs and sales of captured C02 to oilfield operators. See id. at 28-29 
(quoting the CEC report). As the Region argues, however, "there is 
nothing in the record to indicate that the City will actually receive such 
funding or participate in such oil recovery activities." Reg. Resp. at 35. 
Nor has Mr. Simpson cited to any evidence that the City will receive such 
additional sources of funding. Mr. Simpson's argument, therefore, is 
based on the mere possibility that the City might be able to obtain 
additional funding for CCS. Mr. Simpson has not explained why the 
Region should have relied upon such speculative information in its 
economic analysis. See note 3 7 above (explaining that speculative 
arguments fall short of demonstrating clear error). Accordingly, the 
Board concludes that the Region did not clearly err in determining that 
CCS was economically infeasible as a GHG control technology for PHPP. 


C. The Region Did Not Abuse Its Discretion When it Elected Not to 
Conduct an Independent Analysis of the "Need"for PHPP Pursuant 
to Section 165 (a)(2) of the Clean Air Act 


On appeal, Mr. Simpson argues that the Region "failed to 
consider the need for the facility" by "deferring" to the CEC and the 
Califomia Public Utilities Commission ("PUC"), rather than conducting 
an independent analysis of the need for the facility. 42 Pet. at 29. 
Although not clearly articulated in his petition, Mr. Simpson seems to rely 
on Board precedent interpreting a CAA provision, section 165(a)(2), 
42 U.S.C. § 7475(a)(2), which allows the pennitting authority to consider 


'\ .. continued) 
Reg. Resp. at 35. 


42 As mentioned above in note 6, PHPP and its related facilities were subject 
to a parallel state permitting review process by the CEC. As part of that process, the CEC 
conducts a comprehensive examination of a project, including an evaluation of 
alternatives. See Presiding Member's Proposed Decision at 1-2 to 1-3. 







CITY OF PALMDALE 57 


the "need" for a facility in the context of considering project alternatives. 
See id. at 29-30. As further explained below, the decision of whether to 
apply agency resources to independently assess the "need" for a facility 
in the context of PSD permitting is a matter of agency discretion. Thus, 
the question the Board must answer is: did the Region abuse its discretion 
when it elected not to conduct an independent "needs" analysis for PHPP 
pursuant to CAA section 165(a)(2)? 


The relevant portion ofCAA section 165(a)(2) provides that PSD 
permitting authorities must provide the public with the opportunity to 
comment on "the air quality impact of[the proposed] source, alternatives 
thereto, control technology requirements, and other appropriate 
considerations[.]" CAA § 165(a)(2), 42 U.S.C. § 7475(a)(2) (emphasis 
added). The Board previously has interpreted this language to allow, but 
not require, a permitting authority to consider a no-build alternative. See 
In re Prairie State Generating Co., 13 E.A.D. 1, 32-33 (EAB 2006) 
(holding that the state pennitting authority was incorrect in stating that it 
was not empowered to consider a no-build alternative, but upholding the 
permit because it was clear that the permitting authority had reasonably 
exercised its discretion not to conduct an independent analysis of a 
no-build alternative), aff'd sub. nom Sierra Club v. EPA, 499 F.3d 653 
(7th Cir. 2007). In so holding, the Board made clear that the permit issuer 
does not have an obligation to independently investigate alternatives 
raised in public comments, including a no-build alternative. !d. Further, 
the Board observed the importance of this limitation on the permit issuer's 
obligation, pm1icularly where the evaluation of "need" for additional 
electrical generation capacity would require "a rigorous and robust 
analysis" and "would be time-consuming and burdensome for the petmit 
issuer." Id. at 33. In such circumstances, "the permit issuer must be 
granted considerable latitude in exercising its discretion to detetmine how 
best to apply scarce administrative resources." !d. Thus, based on 
previous Board precedent interpreting the CAA, the Region had the 
discretion, but was not required, to conduct an independent analysis of the 
need for PHPP in the context of this PSD petmit proceeding. 


The Region exercised its discretion not to evaluate the need for 
PHPP reasonably. In response to Mr. Simpson's vague question regarding 
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the need for PHPP,43 the Region explained that it was not required to 
perf01m an independent analysis of alternatives (including a no-build 
alternative). RTC at 36 (citing Prairie State, 13 E.A.D. at 33). The 
Region also colTectly explained that it is appropriate for a pelTllitting 
authority to rely on mechanisms within the State of California to evaluate 
the need for the facility, rather than conducting its own independent needs 
analysis. See id. at 35 (citing Prairie State, 13 E.A.D. at 32). The Region 
described various mechanisms in place in California that provide structure 
for considering the need for a facility, including the regular integrated 
assessment by the CEC of major energy trends and issues facing the 
State's electricity and natural gas sectors, and the California PUC's 
detailed planning and procurement processes within the State. !d. The 
Region observed that these agencies were in much better positions to 
consider the question of the need for additional electric generating 
facilities within the State as a whole and cited a recent CEC report that 
indicated that, even "in the context of increasing reliance on renewable 
generation," there "continues to be a need for natural gas-fired power 
plants in California." Id. at 35-36. 


Mr. Simpson argues that it was wrong for the Region to "defer" 
to these agencies because they have no jurisdiction to determine the need 
for PHPP. Pet. at 30. In so arguing, Mr. Simpson misunderstands the 
Region's response. The Region did not defer to any agency's specific 
determination of need for PHPP. Rather, the Region recognized that 
these agencies are better suited to assess California's energy needs in 
general and cited the CEC report as support for the Region's 
detetmination not to do its own independent analysis of need in the course 
of issuing the Palmdale permit.44 


43 Mr. Simpson questioned whether any meaningful growth analysis had been 
provided, referred to a likely "oversupply" offossil fuel burning electric generation, and 
suggested that the Region should demonstrate the "demand" for the project. Pet. Ex. C 
at 45. On appeal, Mr. Simpson for the first time asserts that the Region was required to 
conduct an independent needs analysis under the CAA. The failure to raise all available 
arguments and issues during the comment period is generally fatal to arguments on 
appeal. See discussion Parts III, VII.B.2.a.iii above. Nevertheless, because the Region 
went beyond Mr. Simpson's comment and addressed more fully its obligation to evaluate 
the need for the facility in its response to comments, the Board considers this issue. 


44 On appeal, Mr. Simpson belatedly attempts to suggest that the Region need 
only to have looked at a separate policy report issued by the CEC --the 2009 Integrated 


(continued ... ) 
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The Region reasonably concluded that it would be inappropriate 
in this case for EPA to conduct an independent analysis of the need for 
PHPP because "EPA would need to consider a myriad of extremely 
complex factors and detailed information that EPA has neither the 
resources nor the expertise to analyze." RTC at 36. The Region also 
noted that the commenter had not included the type of detailed factors and 
information necessary for such an analysis. Id. Given the scope of 
Mr. Simpson's original comment, the Region's response was eminently 
reasonable. See id. at 30 (explaining that the extent of the permitting 
authority's analysis of alternatives need be no broader than the analysis 
supplied in public comments); accord Knauf I, 8 E.A.D. at 147-48 
(finding reasonable a permitting authority's general justifications for 
issues that had been raised in a general manner). 


In sum, Mr. Simpson fails to demonstrate that the Region's 
decision not to conduct an independent review ofthe need for PHPP was 
in any way an abuse of discretion, particularly in light of the wide latitude 
afforded to the Region in making such determinations. See Prairie State, 
13 E.A.D. at 33; In re EcoElectrica, LP, 7 EAD 56, 73-74 (EAB 1997) 
(determining the Region acted reasonably and appropriately by deferring 
questions concerning the need for the facility to the Puerto Rican 
government); In re Ky. Utils. Co., PSD Appeal No. 82-5, at 2 (Adm'r 
Dec. 21, 1982) ("[T]he need for the proposed power plant will be more 
appropriately addressed by the state agency charged with making that 


"( ... continued) 
Energy Policy Report ("IEPR")- and California geography to conclude that PHPP was 
not needed. Pet. at 33. Mr. Simpson did not provide this document to the Region during 
the comment period, and the Region did not consider it in making its final permitting 
decision. Consequently, it was not part of the administrative record and need not be 
considered by the Board. 40 C.F.R. § 124.9, .17(b), .18(b) (explaining those documents 
that are part of the record); accord, e.g., RCEC, slip op. at 51, 115 n.l06; Dominion II, 
13 E.A.D. at 417. Nonetheless, because it is a publically available document, the Board 
has reviewed the section Mr. Simpson cited and observes that the CEC specifically 
recognized that natural gas generation has a role to play in designing a future low carbon 
electricity system for California and that determining future need for such facilities is 
complicated and depends on the level of energy efficiency achieved, among other things. 
See 2009 IEPR at 186-190; see also RCEC, slip op. at 47-48, 115 n.l06 (taking official 
notice ofpublically available documents). The document does not in any way define 
California's needs for natural gas facilities and, in any case, the Region's review of one 
2009 CEC policy report would not suffice to independently and definitively determine 
the need (or lack thereof) for PHPP, as Mr. Simpson suggests. 
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determination."). Based on the record before it, the Board concludes the 
Region did not abuse its discretion when it elected not to conduct an 
independent analysis of the "need" for PHPP pursuant to CAA 
section 165(a)(2). 


VIII. Conclusion and Order 


For all of the reasons provided above, the petition for review of 
the Palmdale Hybrid Power Project PSD permit, PSD Permit No. 
SE 09-01, is denied. 


So ordered. 
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BEFORE THE ADMINISTRATOR 
UNITED STATES ENVIRONMENTAL PROTECTION AGENCY 


IN THE MATTER OF: 
DUKE ENERGY INDIANA 
EDWARDS PORT GENERA TING 
STATION 


Permit No. T083-27138-00003 
Proposed by the Indiana Department of 
Environmental Management 


) 
) 
) 
) 
) 
) 
) 
) 
) 


ORDER RESPONDING TO 


PETITIONER'S REQUEST 
THAT THE ADMINISTRATOR 
OBJECT TO ISSUANCE 
OF ST A TE OPERA TING 
PERMIT 


ORDER DENYING THE 
PETITION FOR OBJECTION TO PERMIT 


On July 31, 2009, pursuant to its authority under Title 326, Article 2 of the Indiana 
Administrative Code (IAC), title V of the Clean Air Act (Act or CAA), 42 U.S.C. §§ 7661 -
7661f, and the U.S. Environmental Protection Agency's (EPA) implementing regulations at 40 
Code of Federal Regulations (C.F.R.) Part 70, the Indiana Department of Environmental 
Management (IDEM) issued a proposed title Vrenewal operating permit to Duke Energy 
Indiana's Edwardsport Generating Station (Duke). 


On September 16, 2010, Pamela McGillivray submitted to the EPA on behalf of the Valley 
Watch, Sierra Club and Citizen Action Coalit ion of Indiana (the Petitioner) a petition requesting 
that the EPA object to issuance of the Duke title V permit ("Permit" or "Duke Permit") pursuant 
to section 505(b)(2) of the Act, 42 U.S.C. § 7661d(b)(2), and 40 C.F.R. § 70.8(d). The Petitioner 
alleges that: ( 1) the permit fails to include a Best Available Control Technology (BACT) limit 
for particulate matter with a diameter of 2.5 microns or less (PM2.s), and (2) the permit would 
cause a violation of the PM2.s national ambient air quality standard (NAAQS). 


The EPA has reviewed the Petitioner's allegations pursuant to the standard set forth in section 
505(b )(2) of the Act, which requires the Administrator to issue an objection if the Petitioner 
demonstrates to the Administrator that the permit is not in compliance with the requirements of 
the Act. See also 40 C.F.R. § 70.8( d); New York Public Interest Research 
Group v. Whitman, 321F.3d3 16, 333 n.1 1 (2d Cir. 2003). 


1 







STATUTORY AND REGULATORY FRAMEWORK 


Section 502(d)(l) of the Act, 42 U.S.C. § 7661a(d)(l), requires each state to develop and submit 
to the EPA an operating permit program to meet the requirements of title V. The EPA granted 
final full approval of the Indiana title V operating permit program effective November 30, 2001. 
66 Fed. Reg. 62969 (December 4, 2001). 


All major stationary sources of air pollution and certain other sources are required to apply for 
title V operating permits that include emission limitations and other conditions necessary to 
assure compliance with applicable requirements of the Act, including the requirements of the 
applicable State Implementation Plan (SIP). See Sections 502(a) and 504(a) of the Act, 42 U.S.C. 
§§ 7661a(a) and 7661 c(a). The title V operating permit program generally does not impose new 
substantive air quality control requirements (referred to as "applicable requirements"), but does 
require that permits contain monitoring, recordkeeping, reporting, and other requirements to 
assure compliance by sources with existing applicable emission control requirements. 57 Fed. 
Reg. 32250, 32251(July21, 1992) (EPA final action promulgating part 70). One purpose of the 
title V program is to "enable the source, states, the EPA, and the public to better understand the 
requirements to which the source is subject, and whether the source is meeting those 
requirements." Id. Thus, the title V operating permits program is a vehicle for ensuring that 
existing air quality control requirements are appropriately applied to facility emission units and 
that compliance with these requirements is assured. 


For a major modification of a major stationary source, applicable requirements include the 
requirement to obtain a preconstruction permit that complies with applicable new source review 
requirements (e.g., Prevention of Significant Deterioration, or PSD, requirements). Part C of the 
CAA establishes the PSD program, the preconstruction review program that applies to areas of 
the country, such as Knox County, that are designated as attainment or unclassifiable for 
NAAQS. CAA§§ 160-169, 42 U.S.C. §§ 7470-7479. New Source Review, or "NSR," is the term 
used to describe both the PSD program as well as the nonattainment NSR program (applicable to 
areas that are designated as nonattainment with the NAAQS). In attainment areas (such as Knox 
County, Indiana, where Duke is located), a major stationary source may not begin construction 
or undertake certain modifications without first obtaining a PSD permit. CAA § 165(a)(l), 42 
U.S.C. § 7475(a)(l). The PSD program analysis must address two primary and fundamental 
elements before the permitting authority may issue a permit: (1) an evaluation of the impact of 
the proposed new or modified major stationary source on ambient air quality in the area, and (2) 
an analysis ensuring that the proposed facility is subject to BACT for each pollutant subject to 
regulation under the PSD program. CAA§ 165(a)(3),(4), 42 U.S.C. § 7475(a)(3), (4); see also 
326 IAC 2-2 (Indiana's PSD program). 


The EPA has promulgated two largely identical sets of regulations to implement the PSD 
program. One set, found at 40 C.F.R. § 52.21, contains the EPA's federal PSD program, which 
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applies in areas without a SIP-approved PSD program. The other set of regulations, found at 40 
C.F .R: § 51.166, contains requirements that state PSD programs must meet to be approved as 
part of a SIP. In 2004, the EPA approved Indiana's PSD rules into the SIP as meeting these 
requirements. 69 Fed. Reg. 29071 (May 20, 2004); see also 40 C.F.R. § 52.793. Thus, the 
applicable requirements of the Act for major modifications at major sources, such as at Duke, 
include the requirement to comply with PSD requirements under the Indiana SIP. See. e.g. , 40 
C.F.R. § 70.2. In this case, Indiana' s rules require a source to apply for a PSD permit which is 
then incorporated into the existing title V permit as a revision to the title V permit. Consistent 
with the Act and the EPA's regulations, to obtain a PSD permit in Indiana pursuant to 326 IAC 
2-2-5, the applicant must show that the source will not cause or contribute to a violation of any 
NAAQS and satisfy the BACT requirement for any pollutant subject to regulation. As we have 
previously stated, if a PSD permit that is incorporated into a title V permit does not meet these 
requirements of the SIP, the title V permit will not be in compliance with all applicable 
requirements. 1 


Under Section 505(a) of the Act, 42 U.S.C. § 7661d(a), and the relevant implementing 
regulations at 40 C.F.R. § 70.8(a), states are required to submit each proposed title V operating 
permit to the EPA for review. Upon receipt of a proposed permit, the EPA has 45 days to object 
to final issuance of the permit if the EPA determines that the permit is not in compliance with 
applicable requirements or the requirements oftitle V, 40 C.F.R. § 70.8(c). If the EPA does not 
object to a permit on its initiative, section 505(b )(2) of the Act provides that any person may 
petition the Administrator, within 60 days of expiration of the EPA' s 45-day review period, to 
object to the permit. 42 U.S.C. § 766ld(b)(2); see also 40 C.F.R. § 70.8(d). The petition must "be 
based only on objections to the permit that were raised with reasonable specificity during the 
public comment period provided by the permitting agency (unless the petitioner demonstrates in 
the petition to the Administrator that it was impracticable to raise such objections within such 
period or unless the grounds for such objection arose after such period)." 42 U.S.C. § 
766ld(b )(2). In response to such a petition, the Administrator must issue an objection if a 
petitioner demonstrates that a permit is not in compliance with the requirements of the Act. Id.; 
see also 40 C.F.R. § 70.8(c)(l); New York Public Interest Research Group, 321 F.3d at 333 n.11 
(2"d Cir. 2003). Under section 505(b)(2) of the Act, the burden is on the petitioner to make the 


1 In our 2009 Columbia Generating Order we stated: 
Where a petitioner's request that the Administrator object to the issuance of a title V permit is based in whole, or in 
part, on a permitting authority's alleged failure to comply with the requirements of its approved PSD program (as 
with other allegations of inconsistency with the Act) the burden is on the petitioners to demonstrate that the 
permitting decision was not in compliance with the requirements of the Act, including the requirements of the SIP. 
Such requirements, as EPA has explained in describing its authority to oversee the implementation of the PSD 
program in states with approved programs, include the requirements that the permitting authority (I) follow the 
required procedures in the SIP; (2) make PSD determinations on reasonable grounds properly supported on the 
record; and (3) describe the determinations in enforceable terms. See In the Matter of Wisconsin Power and Light, 
Columbia Generating Station, Permit No. 111003090-P20; Petition Number V-2008-1 (October 8, 2009) at 8. 
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required demonstration to the EPA. Sierra Club v. Johnson, 541 F.3d 1257, 1266-1 267 (1 lth Cir. 
2008); Citizens Against Ruining the Environment v. EPA. 535 F.3d 670, 677-678 (7th Cir. 2008); 
Sierra Club v. EPA, 557 F.3d 401, 406 (6th Cir. 2009) (discussing the burden of proof in title V 
petitions). If, in responding to a petition, the EPA objects to a permit that has already been 
issued, the EPA or the permitting authority will modify, terminate, or revoke and reissue the 
permit consistent with the procedures set forth in 40 C.F.R. §§ 70.7(g)(4), (5)(i) - (ii) and 
70.8(d). 


BACKGROUND 


I. The Facility 


The Duke Edwardsport Generating Station is an existing coal-fired power plant in Knox County, 
Indiana, consisting of three coal-fired boilers installed prior to 1971 , one fuel oil-fired boiler 
installed prior to 1971 , and one coal transfer system installed in 1974. Duke received its initial 
title V permit from IDEM in 2004. In 2008, the facility was permitted to construct an integrated 
gasification combined cycle plant (IGCC). Duke has committed to retiring the existing boilers 
and coal transfer system prior to the operation of the IGCC plant. 


II . Permit History 


On August 18, 2006, Duke submitted permit applications for a PSD permit and title V significant 
modification to install an IGCC plant at its Edwardsport facility. IDEM provided public notice 
on the draft permits on November 18, 2007. The Petitioner submitted comments to IDEM during 
the public comment period. IDEM issued the final PSD permit on January 25, 2008, and the final 
title V significant modification on March 1 I, 2008. The Petitioner filed a petition for review of 
the PSD permit before the Indiana Office of Envirorunental Adjudication on February 12, 2008; 
the petition for review was dismissed on November 24, 20 I 0. Duke submitted an application for 
a title V renewal permit on November 13, 2008. IDEM issued a public notice of a draft title V 
renewal on July 31, 2009. The Petitioner submitted adverse comments on the permit regarding 
PM2.s, netting analysis and carbon dioxide. With regard to PM2.s, the Petitioner commented that 
the state improperly relied on the EPA's 1997PM1o Surrogate Policy and the draft permit failed 
to include BACT limits for PM2.s and failed to demonstrate that the facility would not cause or 
contribute to a violation of the PM2.5 NAAQS. In its response to comments, IDEM stated that it 
followed the approach outlined in the 1997 PM1o Surrogate Policy in treating PM10 as a surrogate 
for PM2.5. The permit was proposed for the EPA review on June 7, 2010. On June 22, 2010, EPA 
Region 5 submitted a letter to IDEM advising it, in light ofrecent title V petition orders, to fully 
respond to the stakeholder comments. IDEM has not issued the final title V renewal permit. 
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III. EPA's 1997 PMlO Surrogate Policy and Implementation of the PM2.5 NAAQS 


Section 165(a)(3) of the Clean Air Act provides that to obtain a PSD permit an applicant must 
demonstrate that "emissions from construction or operation of [the proposed] facility will not 
cause, or contribute to, air pollution in excess of any ... (B) national ambient air quality 
standard." 42 U.S.C. s. 7475(a)(3). In addition, section 165(a)(4) of the Act requires that a PSD 
permit contain emission limits based on BACT for "each pollutant subject to regulation" under 
the Act. 42 U.S.C. s. 7475(a)(4). On July 28, 1997, the EPA revised the NAAQS for PM to add 
new standards for "fine" particulates, using PM2.5 as the indicator. 62 Fed. Reg. 39852 (July 28, 
1997). In recognition of the immediate need to apply the statutory provisions described above to 
PM2.s after promulgation of the 1997 NAAQS, the then-Director of EPA's Office of Air Quality 
Planning and Standards (OAQPS), John Seitz, issued a memorandum regarding implementation 
of the 1997 standards under the PSD program titled, "Interim Implementation of New Source 
Review Requirements for PM2.5." This memorandum explained that sources would be allowed to 
use implementation of a PM10 program as a surrogate for meeting PSD permitting requirements 
for PM2.5 until certain technical difficulties were resolved. Seitz Memorandum at 1. The EPA has 
since referred to this policy as the " 1997 PM1o Surrogate Policy." See e.g. , 76 Fed. Reg. 28646 
(May 18, 2011 ). When nonattainment area designations for the 1997 PM2.s NAAQS became 
effective on April 5, 2005, the EPA issued a second guidance memorandum from OAQPS 
Director Stephen D. Page titled, "Implementation of New Source Review Requirements in PM2.s 
Nonattainment Areas" (Page Modeling Memorandum). This memorandum extended the 
surrogate policy to nonattainment NSR permitting and re-affirmed the application of the October 
23, 1997, Seitz Memorandum to PSD permitting. Page Modeling Memorandum at 1. 


On May 16, 2008, the EPA promulgated the final rule titled, "Implementation of the New Source 
Review (NSR) Program for Particulate Matter Less than 2.5 Micrometers (PM2.s)" (May 2008 
PM2.5 NSR Implementation Rule). 73 Fed. Reg. 28321 (May 16, 2008). In the preamble to that 
rule, the EPA explained the transition to the PM2.5 NSR requirements beginning on page 28340. 
Specifically, the EPA concluded that, if a state with an approved PSD program in its SIP (SIP
approved state) is unable to implement a PSD program for the PM2.s NAAQS based on that rule, 
the state may continue to implement a PM10 program as a surrogate to meet the PSD program 
requirements for PM2.5 under the 1997 PM1o Surrogate Policy described in the Seitz 
Memorandum until May 2011 (the end of three-year statutory period for submitting revised 
SIPs) or until the EPA approves the SIP revisions, whichever occurs first. 73 Fed. Reg. at 28340-
28341. 


On August 12, 2009, the EPA clarified that the 1997 PM1o Surrogate Policy should only be used 
in a manner consistent with court precedent on use of surrogates. Louisville Gas and Electric Co. 
(Order on Petition) (August 12, 2009) at 42-46. This order discussed this court precedent as 
follows: 


5 







When EPA issued the PM10 Surrogate Policy in 1997, the Agency did not identify criteria 
to be applied before the policy could be used for satisfying the PM2.s requirements. 
However, courts have issued a number of opinions that are properly read as limiting the use 
of PM1o as a surrogate for meeting the PSD requirements for PM2.s. Applicants and state 
permitting authorities seeking to rely on the PM10 Surrogate Policy should consider these 
opinions in determining whether PM1o serves as an adequate surrogate for meeting the 
PM2.5 requirements in the case of the specific permit application at issue. 


Courts have held that a surrogate may be used only after it has been shown to be 
reasonable to do so. See, e.g., Sierra Club v. EPA, 353 F.3d 976,982-984 (D.C. Cir. 2004) 
(stating general principle that EPA may use a surrogate if it is "reasonable" to do so and 
applying analysis from National Lime Assoc. v. EPA, 233 F.3d 625,637 (D.C. Cir. 2000) 
that is applicable to determining whether use of a surrogate is reasonable in setting 
emissions limitations for hazardous air pollutants under Section 112 of the Act); Mossville 
Envt'l Action Now v. EPA, 370 F. 3d 1232, 1242-43 (D.C. Cir. 2004) (EPA must explain 
the correlation between the surrogate and the represented pollutant that provides the basis 
for the surrogacy); Bluewater Network v. EPA, 370 F.3d 1, 18 (D.C. Cir. 2004) ("The 
Agency reasonably determined that regulating [hydrocarbons] would control PM pollution 
both because HC itself contributes to such pollution, and because HC provides a good 
proxy for regulating fine PM emissions"). Though these court decisions do not speak 
directly to the use of PM10 as a surrogate for PM2.s, EPA believes that the overarching legal 
principle from these decisions is that a surrogate may be used o.nly after it has been shown 
to be reasonable (such as where the surrogate is a reasonable proxy for the pollutant or has 
a predictable correlation to the pollutant). Further, we believe that this case law governs the 
use ofEPA's PM10 Surrogate Policy, and thus that the legal principle from the case law 
applies where a permit applicant or state permitting authority seeks to rely upon the PM10 
surrogate policy in lieu of a PM2.s analysis to obtain a PSD permit. 


With respect to PM surrogacy in particular, there are specific issues raised in the case law 
that bear on whether PM1o can be considered a reasonable surrogate for PM2.s. The D.C. 
Circuit has concluded that PM10 was an arbitrary surrogate for a PM pollutant that is one 
fraction of PM10 where the use of PM10 as a surrogate for that fraction is "inherently 


. confounded" by the presence of the other fraction of PM10. ATA v. EPA, 175 F.3d 
1027, 1054 (D.C. Cir. 1999) (PM10 is an arbitrary indicator for coarse PM (PM10-PM2.s) 
because the amount of coarse PM within PM1o will depend arbitrarily on the amount of 
fine PM (PM2.5)). In another case, however, the D.C. Circuit held that the facts and 
circumstances in that instance provided a reasonable rationale for using PM10 as a 
surrogate for PM2.5. American Farm Bureau v. EPA, 559 F.3d 512,534-35 (D.C. Cir. 2009) 
(where record demonstrated that (1) PM2.5 tends to be higher in urban areas then [sic] in 
rural areas, and (2) evidence of health effects from coarse PM in urban areas is stronger, 
EPA reasoned that setting a single PM 1 o standard for both urban and rural areas would tend 
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to require lower coarse PM concentrations in urban areas. The court considered the 
reasoning from the ATA case and accepted that the presence of PM2.s in PM 10 will cause the 
amount of coarse PM in PM10 to vary, but on the specific facts before it held that such 
variation was not arbitrary). EPA believes that these cases demonstrate the need for permit 
applicants and permitting authorities to determine whether PM 1o is a reasonable surrogate 
for PM2.5 under the facts and circumstances of the specific permit at issue, and not proceed 
on a general presumption that PM10 is always a reasonable surrogate for PM2.5. 


This case law suggests that any person attempting to show that PM1o is a reasonable 
surrogate for PM2.s would need to address the differences between PM10 and PM2.s . For 
example, emission controls used to capture coarse particles in some cases may be less 
effective in controlling for PM2.s. 72 Fed. Reg. 20586, 20617 (April 25, 2007). As a further 
example, the particles that make up PM2.s may be transported over long distances while 
coarse particles normally travel only short distances. 70 Fed. Reg. 65984, 65997-98 
(November 1, 2005). Under the principles in the case law, any person seeking to use the 
PM10 Surrogate Policy properly would need to consider these differences between PM10 
and PM2.s and demonstrate that PM1o is nonetheless an adequate surrogate for PM2.s. 


In this order, the EPA also observed that "the PM10 Surrogate Policy contains limits." The order 
explained that "[i]n view of significant technical difficulties that existed in 1997, the EPA 
believed that PM1o could properly be used as a surrogate for PM2.s in meeting NSR requirements 
' until these difficulties are resolved."' Seitz Memorandum at 1. 


Based on this analysis, the EPA granted a petition to object to a title V permit. The EPA's order 
also suggested a possible approach to making an adequate demonstration of surrogacy consistent 
with the case law. Id. at 45-46. 


Based on the principles in the case law, in a February 11 , 2010, Federal Register notice, the EPA 
proposed to end the use of the surrogate policy in SIP-approved states prior to May 2011. 75 
Fed. Reg. 6827, 6833-34. This proposal was based on the same reasoning quoted above from the 
LG&E Order. In addition, the EPA made the following observation with respect to continued 
application of the 1997 PM1o Surrogate Policy: 


[B]ased on this case law, rather than simply assuming that using the 1997 PM10 Surrogate 
Policy is always an adequate alternative for satisfying the PM2.5 PSD requirements, 
permit applicants and permitting authorities seeking to apply the 1997 PM10 Surrogate 
Policy must ensure that the record for each permit supports using PM1o as a surrogate for 
PM2.s under the circumstances. 


75 Fed. Reg. at 6832. 
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On March 23, 2010, the EPA issued a memorandum titled, "Modeling Procedures for 
Demonstrating Compliance with PM 2.5 NAAQS" (Page Modeling Memorandum). This 
memorandum discussed the EPA's August 12, 2009, LG&E Order and the February 11, 2010, 
proposal to accelerate the end date for application of the 1997 PM10 Surrogate Policy in SIP
approved states. This memorandum described the current state of the EPA's policy as follows: 


While we continue to allow states to use the PM1o surrogate policy during their 
transition to the new PM2.s requirements, we have also made clear that the policy 
needs to be implemented by taking into account court decisions that address the 
surrogacy concept. Accordingly, an applicant seeking a PSD permit under a SIP
approved PSD program may still rely upon the PM1o surrogacy policy as long as 
( 1) the appropriateness of the PM 1 o-based assessment for determining PM2.s 
compliance has been adequately demonstrated based on the specifics of the 
project; and (2) the applicant can show that a PM2.5 analysis is not technically 
feasible. 


Page Modeling Memo at 2. The EPA also prov ided guidance on technical issues associated with 
making such a surrogacy demonstration. The guidance identified several differences between 
PM10 and PM2.s that should be addressed in the development of a surrogacy demonstration in 
order to demonstrate compliance with the PM2.5 NAAQS. 


The EPA elected not to finalize the action proposed in February 2010 to end the application of 
the 1997 Surrogate Policy in SIP approved states early.2 Thus, in accordance with EPA 's original 
May 2008 action, the application of the 1997 PM10 Surrogate Policy in SIP-approved states 
ended on May 16, 201 1. 76 Fed. Reg. 28646, 28648, 28659. Consistent with this, in a June 17, 
20 11 , letter to the EPA, IDEM confirmed that it will no longer consider compliance with the 
PSD requirements for PM10 to be sufficient to satisfy the appl icable PSD permitting 
requirements fo r PM2.s and has discontinued relying on the l 997 PM10 Surrogate Policy to 
satisfy the PSD requirements for PM2 5• 


ISSUES RAISED BY THE PETITIONER 


I. PSD Requirements for PM2.s 


Petitioner's Claim. The Petitioner claims that the Administrator must object to the Duke Permit 
because it does not comply with PSD requirements for PM2.s. The Petitioner asserts that the EPA 
recently confirmed in the LG&E Order (Aug. 12, 2009) that using PM10 as a surrogate for PM2.s 


2 In a final rule dated May 18, 2011 , the EPA discussed its decision not to fina lize the February 20 I 0 proposal to end 
the Surrogate Policy. The May 201 1 action also repealed a grandfathering provision that extended the application of 
the 1997 PM 10 Surrogate Policy under the federal PSD program. 
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"is generally not legally defensible." Petition at 11. The Petitioner further claims that case law 
and EPA guidance require that, to use PM10 as a surrogate for PM2.5, the permitting authority 
must show that it is reasonable to use the surrogate under the specific facts of the permit at issue; 
that the permitting authority adequately has addressed the differences between PM10 and PM2_5; 


and the existence of technical difficulties that would necessitate relying on the surrogate. Petition 
at 15-16. The Petitioner argues that there is no factual support for the use of the surrogate, and, 
therefore, that BACT for PM2.s is required for units added or modified since 1997. The Petitioner 
claims that since no factual record was developed to support the use of PM10 as a surrogate for 
PM2.s, it cannot meet the requirements of the Surrogate Policy as explained in LG&E.3 


EPA's Response. Since the EPA's receipt of the petition at issue here~ IDEM has developed a 
revised technical support document (TSO) for the permit record, including additional 
justification for treatment of PM10 as a surrogate for PM2.5. On December 7, 201 1, IDEM issued 
a public notice withdrawing the July 31, 2009, proposed renewal permit from the EPA's 
consideration, seeking public comment on the revised draft permit and the revised TSD, and also 
mentioning that the revised draft permit and revised TSD will supersede the previous proposed 
renewal permit and TSO issued for public notice on July 31, 2009 (i.e., the one that is the subject 
of this petition). 


Based on the actions taken by IDEM, the petition on the claim is denied as moot as the previous 
proposed permit and TSD subject to the petition are no longer before the EPA. The EPA notes 
that the EPA and the public (including the Petitioner) will have an opportunity to comment on 
the revised draft permit and revised TSD. The EPA will then review any resubmitted proposed 
permit and revised TSD during a 45 day review period. The EPA would expect to review any 
resubmitted proposed permit and revisedTSD keeping in mind that, consistent with the EPA's 
clarifications on use of the surrogate policy, IDEM's record needs to support the use of PM10 as a 
surrogate for PM2.s in order to ensure compliance with all applicable PSD requirements for 
PM25. If the EPA does not object to the resubmitted proposed permit, the Petitioner will also 
have an opportunity to petition the EPA to object to the resubmitted proposed permit. 


IL PM2.5 NAAQS Violation 


Petitioner's Claim. The Petitioner alleges that the permit does not ensure that the facility will 
comply with the PM2.5 NAAQS. Petition at 17. The Petitioner argues that IDEM not only failed 
·to create a record to support the use of PM10 as a surrogate, but also failed to compare the results 
of PM10 modeling to the PM2.5 NAAQS. Id. at 20. The Petitioner further claims that modeling of 
emissions from PM2.s alone showed violations of the PM2.s NAAQS. Id. at 23. In its public 


3 The EPA received two petitions concerning Louisvil le Gas and Electric Co. Trimble Station: one in 2006 and one 
in 2008. The petition order dated August 12, 2009, discusses the EPA's position regarding the use of the Surrogacy 
Policy. 
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comments, the Petitioner described independent monitoring results and provided an 
interpretation of the data to show that the permit will allow NAAQS violations: 


The organizations commenting here hired an independent engineer to model PM2.s 
emissions from the Edwardsport plant because IDEM has not done so. Using inputs 
obtained from IDEM, including the modeling files provided by Duke Energy (i.e. the file 
called "duke pm10naaqs_88_0THER.DTA") and IDEM's background concentrations for 
Knox County, the modeling results show that NAAQS (as well as U.S. EPA's proposed 
PSD increments) will be exceeded. This analysis assumed that 100% of the PM emissions 
from combustion sources are PM2.5 fraction. For fugitive sources, we adjusted Duke 's 
own PM10 emission rates (which are significantly understated) based on USEPA AP-42 
particle size factors (i.e. 15% of PMIO = PM2.5) . The results are shown in the table below. 
Note that if the fugitive emissions from the Edwardsport plant are correctly estimated, the 
PM2.s impacts would be significantly higher (i.e., show greater violations of the 
NAAQS). The modeling files are included in Exhibit 1. 


Duke IGCC -Edwardsoort, IN - PM, " Modelina Results 
Air Averaging Highest Predicted Background Total Air Standard 


Standard Period Value Concentration Concentration Concentration Standard Exceeded 
Cua/m3) lua/m3) Cuotm3) Cuotm3) 


Proposed 24 8th 9.93 9 Yes 
Increment 


Annual 1st 1.68 4 No 
NAAQS 24 8th 9.93 31.7 41.6 35 Yes 


Annual 1st 1.68 13.8 15.48 15 Yes 
Note 1 Values tor Proposed Increment from Federal Register I Vol 72, No. 183 / Friday, September 21 2007 
Note 2 Background provided by IDEM from Knox County monilOf IOI' 2006-08 penod See Exhibit 2 


Public Comments from Petitioners on Draft IDEM Permit T083-27138-00003 (August 28, 
2009), at 22-23. 


In its response to comments in support of the proposed permit, IDEM responded: 


On February 11 , 2010, U.S. EPA published a proposed rule to, among other things, end 
the PM10 surrogacy policy established by previous guidance and rules, including the May 
2008 Rule (75 FR 6827). While U.S. EPA clearly expresses its intent to end the use of the 
PMIO surrogacy policy, it acknowledges that the surrogate policy " is in effect" (75 FR at 
6833) and states that "EPA is proposing to end the PM10 Surrogate Policy before the end 
of the three-year transition period for revising SIPs .... " Thus, while EPA undoubtedly 
has concerns about continuing the surrogate policy, the policy remains in effect. It is not 
necessary to demonstrate compliance with the PM2.s NAAQS since the PM10 surrogate 
policy is applicable and, as explained in the previous Response to Comment 1, IDEM has 
determined that it is reasonable to use PM10 as a surrogate for PM2.s for this permitting 


10 







action at this source. IDEM conducted modeling that demonstrated that emissions from 
the source with the revisions allowed in this permit will continue to comply with NAAQS 
for PM10, which acts as a surrogate for a demonstration of compliance with the PM2.5 


NAAQS. The emission units added and other changes in this permit have decreased PM 
emissions making any additional modeling unnecessary. 


Addendum to the Technical Support Document for Duke Part 70 Operating Permit 
Renewal, page 25. 


EPA's Response. As mentioned in response to the previous claim, since the EPA's June 2010 
Jetter and the EPA' s receipt of the petition at issue here, IDEM has developed a revised TSD for 
the permit record, including additional justification for treatment of PM1o as a surrogate for 
PM2.5• On December 7, 2011, IDEM issued a public notice withdrawing the July 31, 2009, 
proposed renewal permit from the EPA's consideration, seeking public comment on the revised 
draft permit and the revised TSD, and also mentioning that the revised draft permit and revised 
TSD will supersede the previous permit and TSD issued for public not.ice on July 31, 2009 (i.e., 
the one that is the subject of this petition). 


Based on the actions taken by IDEM, the petition on the claim is denied as moot as the previous 
proposed permit and TSD subject to the petition are no longer before the EPA. Again, the EPA 
notes that the EPA and the public (including the Petitioner) will have an opportunity to comment 
on the revised draft permit and revised TSD. The EPA will then review any resubmitted 
proposed permit and revised TSD during a 45 day review period. The EPA would expect to 
review any resubmitted proposed permit and revised TSD keeping in mind that, consistent with 
the EPA's clarifications on use of the surrogate policy, IDEM's record needs to support the use 
of PM10 as a surrogate for PM2.5 in order to ensure compliance with all applicable PSD 
requirements for PM2.5. If the EPA does not object to the resubmitted proposed permit, the 
Petitioner will also have an opportunity to petition the EPA to object to the resubmitted proposed 
permit. 


For these reasons and based on the actions taken by IDEM, the petition on the claim is denied as 
moot as the proposed permit and TSD subject to the petition are no longer before the EPA. 
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CONCLUSION 


For the reasons set forth above, and pursuant to Section 505(b) of the CAA and 40 C.F.R. 
§ 70.8(d), I hereby deny the issues in the petition submitted on September 16, 2010. 


DEC 1 3 2011 
Dated: --------


Administrator 
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Status Report on NOx
Control Technologies and Cost Effectiveness for Utility Boilers
June 1998


Executive Summary


This effort addressed the technical and cost issues associated with using
technologies that may be used to provide the NOx reduction required by the
Ozone Transport Commission’s (OTC’s) September 27, 1994 Memorandum of
Understanding (MOU) and the resulting state regulations.  To understand the
challenges of reducing NOx in the Ozone Transport Region (OTR), an analysis
of the composition of utility boiler sources was performed.  The results of this
analysis are presented in Chapter One.  Chapter Two provides a comprehensive
technical review of the NOx reduction technologies that are expected to play a
significant role in future NOx reductions by utility boilers in the OTR.  Chapter
Three provides a detailed cost analysis of the technologies of Chapter Two based
upon the most up-to-date information.  Finally, Chapter Four is a unique
section.  This final chapter presents fourteen case studies from companies that
are users of NOx reduction technology.  These case studies were prepared in
cooperation with the users of the technology.  The experience that these
companies had in evaluating, procuring, implementing, and operating these
technologies is discussed in depth.  Hard data on capital cost, operating and
maintenance costs, reliability, and cost effectiveness are presented where
available.  General experience, including operating problems and lessons
learned, is presented as well.  This information was incorporated into the cost
models of Chapter Three to provide what is believed to be an extremely
comprehensive and up-to-date analysis of cost of NOx reduction technology.


S.1  Summary - Chapter One: Inventory of NOx Emissions in the OTR
Throughout the OTR, the majority of utility boiler NOx - about 91% of the total
in 1996 - is produced by coal-fired power plants.  Figure S-1 is a chart of the 1996
NOx emissions by state and fuel in the OTR.   It shows that emissions from coal
plants dominate.  Emissions from oil/gas-fired plants make up a significant
amount of the total NOx generated from boilers in New York and some of the
New England states.  Nevertheless, emissions from coal plants dominate in
many of these states as well.  Therefore, understanding the technical and cost
issues associated with reducing NOx from these coal-fired facilities is an
important objective of this effort.  It is important to note that this inventory of
NOx emissions does not include emissions from plants in Virginia that are not
part of the OTR.  Hence, NOx emissions from most of the plants in Virginia are
not included here.


According to Fig. S-2, in 1996 the majority of NOx from coal-fired boilers in the
OTR was from units that were equipped with Low NOx Burners (LNBs, ~310,000
tons) or were uncontrolled (UNC, ~130,000 tons).  Only a small portion of the
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total NOx was produced by units equipped with Flue Gas Treatment (FGT,
~20,000 tons) or Combustion Controls (CTR, ~20,000 tons).  The majority of NOx
from oil/gas units (see Fig. S-3) is from uncontrolled units (UNC, 28,000 tons)
and, to a lesser extent, from units equipped with Low NOx Burners (LNB, 14,000
tons).  It should be noted that many oil/gas units listed as uncontrolled in fact
made some burner modifications short of an LNB retrofit. Units equipped with
Combustion Controls contributed a relatively small amount (about 6,000 tons).


Since most of the Group 1 boilers in the OTR are equipped with LNBs for the
purpose of compliance with Title I (RACT) or Title IV (Acid Rain) requirements,
secondary NOx control measures - such as reburning, SNCR or SCR - are likely
to provide most of the additional reductions from these units.  Nevertheless,
because the Group 2 boiler types (cyclone, wet-bottom, cell, and roof fired, in
particular) produce a disproportionately high amount of NOx relative to their
total generating capacity, significant reductions from Group 2 boilers may be
appropriate.  NOx reductions from Group 2 boilers are likely to be from
application of secondary controls, because primary control options are more
limited for these units.


Figure S-1. 1996 OTR Utility Boiler NOx Emissions
                     by State
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Figure S-2. 1996 OTR Utility Coal-Fired NOx Emissions by
                    Applied Control Technology
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Figure S-3. 1996 OTR Utility Oil/Gas-Fired NOx Emissions
                     by Applied Control Technology
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S.2  Summary - Chapter Two: NOx Control Technologies
Thus far, NOx reduction in the OTR has largely been achieved through the
application of primary controls - Low NOx Burners (LNBs), Combustion
Controls (CTR), and other approaches that reduce the amount of NOx originally
formed in the primary combustion zone of the furnace. In fact, the Title IV
requirements on Group 1 boilers and RACT were both explicitly formulated
with primary controls as a basis of cost.   On the other hand, achieving future
reductions in the OTR will rely much more heavily on the use of secondary
controls - methods of reducing the NOx concentration of the exhaust gas from
the primary combustion zone.


At some facilities primary controls were found to be uneconomical or
impractical for complying with Title IV (Acid Rain), Title I (RACT) or other state
or federal regulations.  These facilities chose to retrofit some form of secondary
control technology to reduce NOx.  Newer facilities have generally been
required to comply with more stringent New Source Review NOx requirements
(BACT or LAER) and for the most part are gas-fired and equipped with primary
and secondary control technologies.  New, U.S. pulverized-coal units, although
few in number, have all required primary and secondary controls.  As a result,
over the last few years there has been an increased level of experience in the
U.S. with secondary NOx control technologies.  This experience was reviewed in
this report.  It is acknowledged that there is extensive experience with some
secondary control technologies overseas.  This experience, although not
reviewed in detail in this effort, provides a substantial experience base that will
be useful for application of NOx controls to U.S. facilities.


The technologies that were reviewed in this report are listed in Table S-1 along
with boiler types where they are most applicable.  Although Table S-1 breaks
down the boiler population into three broad categories, it is acknowledged that
there is a wide variety of combustion system types within these broad categories.
Not every technology listed under a boiler type category is practical for every
boiler of that category.  The report briefly reviews the status of primary controls
for oil and gas -fired boilers and reviews the use of secondary controls in more
detail.  It is expected that secondary controls will play an important role in the
future reduction of NOx from coal-fired facilities in the OTR.  The secondary
controls that were reviewed included Selective Non-Catalytic Reduction
(SNCR), Selective Catalytic Reduction (SCR), Conventional Reburning
Technology (Gas and Coal Reburning), Fuel-Lean Gas Reburnô (FLGRô), and
combinations of these: hybrid SNCR/SCR, Amine Enhanced Gas Injection
(AEGI), Advanced Gas Reburn (AGR) and Reburning + SNCR.
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Table S-1.  Technologies Reviewed in this Report
Coal-Fired Boilers Oil/Gas


Group 1 Group 2 all types
Flue Gas Treatment
• SNCR
• SCR
• hybrid SNCR/SCR


Flue Gas Treatment
• SNCR
• SCR
• hybrid SNCR/SCR


Flue Gas Treatment
• SNCR
• SCR
• hybrid SNCR/SCR


Reburning
• Gas
• AGR, FLGR, AEGI
• GR+SNCR


Reburning
• Gas
• AGR, FLGR, AEGI
• GR+SNCR
• Coal


• Ultra Low NOx Burners
• Combustion Controls &


Optimizaton


It should be noted that for the purpose of technical and cost analysis in this report, Group 2 boilers
include cyclone, wet bottom, cell, and other slagging combustors.  These boiler types comprise the
majority of the Group 2 population and they pose similar technical challenges to the use of flue-
gas treatment NOx-reduction technology.


There is more commercial experience with SNCR on coal-fired facilities in the
U.S. than with SCR or Reburning on U.S. facilities.  SNCR is generally capable of
moderate levels of NOx reduction.  It is expected to take a major role in future
reductions of NOx from coal-fired plants in the OTR, either alone or in
combination with another primary or secondary control technology.  The actual
performance achievable with SNCR on a particular facility is determined by the
site-specific characteristics of the facility, and NOx reductions on commercial
systems have ranged from 15% to over 60% with ammonia slip generally below
5 ppm.  A principal advantage of SNCR is its low capital cost relative to most
other secondary control approaches, which also makes it very attractive as a
seasonal control strategy.  Most utility boilers that are equipped with SNCR use
urea-based technology (NOxOUT), indicating a general market preference for
urea reagent over ammonia.  Nevertheless, ammonia can be used as an SNCR
reagent, as it is in one commercial utility application.


Natural Gas and oil -fired facilities are, for the most part, expected to find
primary controls most effective in reducing NOx. In general, SNCR is not very
cost effective on natural gas applications because of the low baseline NOx value,
and Natural Gas Reburn will be limited primarily by the design of these boilers -
which normally don’t have the space in the upper furnace region to
accommodate reburning equipment.  However, a small number of oil and gas-
fired  facilities may use SCR for compliance with proposed 2003 NOx emission
levels. SCR may be useful at some gas or oil -fired facilities for providing
extremely low NOx levels and creating excess NOx reduction credits.  This,
however, is expected to be economically viable at very few oil and gas facilities
because these units are normally used for peaking and  reserve that  results in
extremely low capacity factors.
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There have been several successful commercial SCR systems installed on Group
1 and Group 2 boiler types in the U.S.  It should be noted that for the purpose of
technical and cost analysis in this report, Group 2 boilers include cyclone, wet
bottom, cell, and other slagging combustors.  These boiler types comprise the
majority of the Group 2 population and they pose similar technical challenges to
the use of flue-gas treatment NOx-reduction technology.  Combined with
extensive experience from U.S. demonstration programs and from overseas
commercial installations, SCR has the largest utility boiler experience base of
any secondary control technology.  SCR, which is expected to play a key role in
future NOx reductions from coal-fired facilities, was found to be technically
viable for all U.S. coal-fired facilities.  However, the economic viability of using
SCR at any given site can only be determined after a careful analysis is
performed.  SCR, used in combination with SNCR, may prove to be a cost
effective alternative to full SCR for some applications, particularly those
facilities that have congested sites and would benefit from a smaller catalyst
reactor.  SCR might also be used in conjunction with or in lieu of primary
controls.


The widespread technical viability of SCR does not mean that it is necessarily
the most economical approach for any given facility.  There are technical
challenges associated with each facility that will make the use of SCR technology
somewhat more or less expensive, and this needs to be considered in the context
of detailed resource planning.  There are other factors of project lifetime,
financing options and the future needs for generation capacity that need to be
considered as part of this planning.  The most economical NOx compliance
approach will depend upon many technical, economic and regulatory factors.


Natural Gas Reburn also has a significant amount of experience, especially
when demonstration programs are included.  Experience at numerous
demonstration programs and a few commercial installations has proven that
the technology vendors have addressed the major issues of concern.
Conventional Gas Reburn is capable of moderate levels of reduction of up to
about 60-65%, but typically achieves 50%-60% reduction.  It is expected that
Natural Gas Reburn will play a significant role in reducing NOx from coal-fired
boilers alone or in combination with another technology, such as SNCR.  Gas
Reburn is especially cost effective on units with high uncontrolled NOx levels.
However, conventional Gas Reburn may not prove suitable for all coal-fired
facilities because of the need for burn-out air (also referred to as Over Fire Air -
OFA) above the reburn zone and the availability of gas.  Fuel Lean Gas Reburnô
(FLGRô), which does not require burn out air, has been demonstrated to provide
about 35%-45% NOx reduction with relatively low natural gas consumption.
Natural Gas Reburn is not expected to take a major role in NOx reductions at
natural gas and oil fired facilities.  These boilers usually have a lower baseline
NOx and often cannot provide NOx reductions as cost effectively as coal units.
Moreover, experience in California has shown that primary controls are
extremely effective for NOx reduction at Oil or Gas facilities.
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Gas Reburn technology can be classified as Conventional Gas Reburn and Fuel
Lean Gas Reburn (FLGR).  FLGR, which uses less natural-gas reburning fuel
than Conventional Gas Reburn (4%-7% versus 15%-over 20% heat input from
reburn fuel) and does not require the use of burn-out air, produces somewhat
lower reductions than Conventional Gas Reburn (typically 35%-45% reduction
versus typically 50% to 60% reduction).  Gas Reburn may also be operated with
injection of amine-based agents with natural gas in order to provide enhanced
reduction.  Depending upon the method of amine introduction and the use of
burn out air (sometimes called OFA), the technology may be Amine Enhanced
Gas Injection, Advanced Gas Reburn, or simply Gas Reburn + SNCR.  These
combinations of reburning with injection of ammonia or urea may offer the
potential for higher reductions at low cost, and demonstration programs are in
progress to explore the commercial viability of this approach.


Experience at the two facilities where Coal Reburn has been demonstrated
suggests that the capital cost exceeds that of SCR for small units (~100MW).
Projections for larger units (~500 MW) suggest that Coal Reburn becomes much
more economical for large boilers.  While demonstration of Coal Reburn has
proven its technical viability for applicable units, there is insufficient experience
with  Coal Reburn technology to generate meaningful cost information or to
indicate that it will be practical for more than a few specialized situations.
Nevertheless, for those cases where Coal Reburn is practical, it may provide
NOx reduction at costs competitive with other technologies.
As mentioned earlier, it is expected that gas or oil fired facilities will, for the
large part, utilize primary controls to comply with the state regulations that are
expected to be implemented for Phase III of the OTC’s MOU.  Ultra Low NOx
Burners and Combustion Modifications (FGR, etc.) have demonstrated an ability
to maintain NOx below 0.15 lb/MMBTU on gas-fired units in California and the
Northeast U.S.   Combustion optimization software, which can be applied to any
boiler or fuel type, has demonstrated an ability to provide some modest
reductions; however, the ability of this technology to maintain low NOx
operation in a consistent manner is what is most valuable about this
technology.  Oil-fired facilities that have access to gas may use gas during the
control period when gas is less costly.  Some gas units with sufficiently high
capacity factors for economic operation may utilize SCR to provide very low
NOx levels and a supply of surplus NOx reduction credits for other units.


S.3  Summary - Chapter Three: Cost of NOx Control Technologies
The costs of the various NOx control technologies were evaluated on a Constant
Dollar basis using a project lifetime of 15 years and real cost of capital rate of
6.55% (nominal rate of 9.75% with inflation at 3%).  As will be discussed in
Chapter One, the average age of boilers in the OTR is about 30 years with the
average age of boilers (on a capacity-weighted average basis) in NESCAUM being
33 years.  The median age is even higher because of the many older, smaller
units in the Northeast.  Note that some other studies have used an average
project lifetime of 20 years to evaluate the costs of NOx control, which was
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appropriate for those studies.  However, the unusually high age of boilers in the
OTR, especially in the NESCAUM states, makes a shorter lifetime more
appropriate for this study.   Cost information was based upon publicly available
information and the case study information of Chapter Four.  The case studies
provided useful information on operating costs for these technologies that does
not appear to have been available in the public literature. Cost of controlling
NOx was evaluated on the basis of $/ton of NOx removed and $/MWhr.  While
$/ton of NOx removed is a parameter that is useful to policy-makers as a
measure of the cost effectiveness of reducing NOx, $/MWhr is of most interest
to operators of electric power plants.  Indicating cost in $/MWhr (or
mills/KWhr or mills/MWhr) relates cost directly to the unit cost of operations
that can be used to determine impact on revenue and on unit profitability.  Both
measures become important, particularly when considering trading and
seasonal controls.  With an efficient trading system in place for NOx surplus
reduction credits, the cost of control in $/ton becomes a critical parameter
because it establishes a market price for NOx reduction.  Also, when an efficient
trading system is in place, the lowest $/ton option, which may include
purchasing credits, is also the lowest $/MW option.  Until such a trading system
is in place and running efficiently, there will be some imbalances in value and
some risk that will need to be considered.  In a seasonal control scenario, the cost
of NOx control measured in $/ton will be somewhat higher, although the total
cost of NOx reduction is lower.  On the other hand, in the case of seasonal
controls the cost measured in $/MWhr will be less than in the case of annual
controls because the total variable operating cost over the year will be lower.


Because facilities have the option of averaging, trading or reducing NOx, some
cases were evaluated where initial NOx levels were higher than those typically
expected for Group 1 boilers with low NOx burners.  This may be surprising for a
report on Post-RACT NOx control.  However, not every Group 1 boiler in the
OTR is equipped with low NOx burners, and some operators may choose
another technology for future compliance.  Also, there are Group 2 boilers in the
OTR that have baselines of over 1.0 lb/MMBTU.  It is possible that operators of
these facilities may elect to use a technology such as SNCR or Gas Reburn for
moderate reductions while over controlling on another unit.


Also, much of the cost analysis was based on boilers of specific sizes: 200 MW for
SNCR and Gas Reburn and 330 MW for SCR.  SNCR and Gas Reburn are
expected to play a greater role in controlling NOx on small boilers and SCR is
expected to play a greater role in controlling NOx on larger boilers.  Hence,
considering different sized units is appropriate.  Nevertheless, for the cost-
effectiveness information that is provided in the tables of this chapter and in the
tables of Chapter Three, this data addresses the full range of boiler sizes
encountered in the OTR that are likely to use the particular technology.


Tables S-2a, b, and c, which also appear in Chapter Three, show a summary of
approximate control costs for SCR, SNCR and reburning.  It is very important to
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note that the data presented in Tables S-2a, S-2b and S-2c are estimated to be
representative for the majority of situations.   The following notes and the notes
below the tables should be considered when using the tables:


• The ranges shown for SCR costs include the effect of capacity factor
variations from 50% to 80% (15% from 65%, about the average for coal
boilers in the OTR), as well as the effect of variation in capital costs shown.
The lowest costs reflect the highest capacity factor shown with the lowest
capital cost.  The highest costs reflect the lowest capacity factor with the
highest capital cost.  For SCR on Gas and Gas/Oil facilities, it is assumed that
the catalyst lifetime varies from a low of 32,000 hours to as much as 48,000
hours to address the uncertainties associated with oil operation.


 
• Since all commercial utility SNCR systems but one are urea-based, the SNCR


analysis is based on using urea as the reagent.  Furthermore, SNCR is
extremely process dependent.  A 40% NOx reduction was considered because
it is in the range of reduction that is typically possible with this technology.
In some cases NOx reduction may be higher or lower. It was assumed that
capacity factor equals 0.65 (the average for coal fired boilers in the OTR -
SNCR economics have a relatively low sensitivity to capacity factor) and
chemical utilization (a measure of how efficiently a unit of reagent reduces
NOx) was in the range of 35%-60%, which is typical for about 40% reduction
with this technology.  For lower reduction, chemical utilization will often be
higher, resulting in lower cost.


 
• Because of the important role baseline, fuel premium and level of NOx


reduction play on Gas Reburn economics, the impact of each of these factors
is shown in the table.   Gas Reburn economics, like SNCR, are less sensitive
to variations in capacity factor than other technologies.  Also, the costs
shown are based upon analysis at the reburn fuel flows of Figure 2-13 and a
capacity factor of 0.65.  Because of the shape of this curve, the fuel flows at
60% NOx reduction could vary such that cost might vary by as much as about
20%.  For 40% NOx reduction, the costs could vary by about ± 10% from those
shown.


 
• The values presented for Coal Reburning technology assume a 500 MW


plant with a capital cost of $45/KW, which is DOE's estimate of the capital
cost of a 500 MW plant.  It should be kept in mind that there is virtually no
commercial experience with this technology, and the technology has not
been demonstrated on units larger than ~100MW.  Demonstration had
capital costs in excess of $100/KW.  This is expected to drop rapidly with
boiler size. Therefore, these costs and application are highly uncertain.
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• The seasonal cost analysis values are based upon a 5-month ozone season
control period and no operation at all outside of the ozone season.


 
• The results shown in this table should be regarded as typical values, and


representative of facilities that have similar characteristics and circumstances
as those included in the analysis.  Each facility owner should evaluate his or
her facilities individually.


In many cases the cost of NOx control can be reduced through combination of
two or more technologies rather than using one for the same overall level of
reduction.  Hybrid SCR/SNCR is one technology that has been demonstrated at
some facilities to provide high levels of NOx reduction at congested sites where
a full SCR system may be very expensive. Other technology combinations are
possible.  Combination of Gas Reburning and SNCR are addressed in Chapter
Three.  The results of the analysis, shown in Table S-3, demonstrate that  these
two technologies can be very cost effective when used together. SNCR and/or
Gas Reburn can be combined with primary control measures as well to provide
highly cost effective control.
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Table S-2a.  Summary of Approximate Retrofit NOx Control Costs - SCR
Technology Reduction Cap.


Cost
Capacity


Factor
Annual Control Seasonal Control


From:
lb/MMBT
U


To:
lb/MMBT
U


% Red'n $/KW % $/ton $/MWhr $/ton $/MWhr


SCR
Coal-Grp 1


0.45 0.15 67% 50-70 50-80 825-
 1,525


1.25-2.30 1,750-
 3,430


1.10-2.15


SCR
Coal-Grp 1


0.45 0.07 85% 70-90 50-80 900-
 1,550


1.65-2.80 1,890-
 3,350


1.50-2.65


SCR
Coal-Grp 2


1.50 0.35 75% 50-70 50-80 390-
560


2.23-3.20 760-
1,165


1.80-2.80


SCR
Coal-Grp 2


1.50 0.15 90% 70-90 50-80 400-
570


2.70-3.85 790-
1,200


2.20-3.40


SCR


Gas


0.20 0.03 85% ~35 50-80* 1,200-
1,500


1.00-1.40 2,500-
3,800


0.90-1.30


SCR
Gas


0.20 0.03 85% ~35 10-20 2,950-
 5,450


2.50-4.64 6,700-
12,750


2.37-4.51


*In 1996 only 8 of the 123 oil/gas fired units (~4% of the total capacity) in the OTR
had a Capacity Factor (CF) of 50% or more


Notes on Table S-2a:
• For example, a Group 1 boiler that annually controls from 0.45 to 0.15 lb/MMBTU will cost in the range of


$50-$70/KW in capital and reduce NOx in the range of $825-$1525/ton and $1.25-$2.30/MWhr,
depending upon capacity factor.  Greater reduction (85%) can be achieved at a higher cost of about $70-
$90/KW in capital, $900-$1550/ton and about $1.65-$2.80/Mwhr.


• The lowest costs reflect the highest capacity factor shown with the lowest capital cost.  The highest costs
reflect the lowest capacity factor with the highest cost.


• The ranges shown for SCR costs include the effect of capacity factor variations from 50% to 80% and the
range of capital costs shown, regardless of MW.


• Group 2 boiler results are based on a unit with fly ash reinjection and arsenic-resistant catalyst with a
catalyst replacement period of 14,000 hours.  For Group 2 units that do not reinject fly ash, costs should be
lower due to longer catalyst replacement periods.  For  Group 1 boilers, the catalyst replacement period was
assumed to be 24,000 hours.  With regard to catalyst deterioration, it is assumed that flue gas is applied to
the catalyst year round, even when seasonal controls are in place.


• Capital cost of Group 2 boilers equipped with SCR is expected to be somewhat higher than that of similar
MW Group 1 boilers.  This difference was generally found to be within the ranges shown.


• For SCR on Gas and Gas/Oil facilities, it is assumed that the catalyst lifetime varies from a low of 32,000
hours to as much as 48,000 hours to address the uncertainties associated with oil operation.


• The seasonal cost analysis values are based upon a 5-month ozone season and no ammonia injection outside
of the ozone season.  Any costs associated with shutting down the SCR during the non-ozone season are not
included because it is assumed that the reactor will not be bypassed for this period.  If the reactor were to be
shut down, there would be savings in catalyst cost that are not reflected in this analysis.


• The results shown in this table should be regarded as typical values, and representative of the majority of
facilities - most having similar characteristics and circumstances as those included in the analysis.  In
practice, each facility should be evaluated individually.


• In 1996 the capacity-weighted average capacity factor of oil and gas fired units in the OTR was 12.5%
• In 1996 the capacity-weighted average capacity factor of coal fired units in the OTR was about ~65%
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Table S-2b Summary of Approximate Retrofit NOx Control Costs - SNCR
Technology Reduction


(40% - see notes)
Capital


Cost
Chemical
Utilization


Annual Control Seasonal Control


From:
lb/MMBT
U


To:
lb/MMBT
U


$/KW Utilization
%


$/ton $/MWhr $/ton $/MWhr


SNCR
Coal


0.45 0.27 15 35-60 860-
1,160


0.78-1.05 1,370-
1,670


0.51-0.63


SNCR
Coal


1.00 0.60 15 35-60 620-920 1.24-1.84 845-
1,145


0.71-0.95


SNCR
Coal


1.50 0.90 15 35-60 550-850 1.66-2.55 705-
1,005


0.88-1.25


Notes on Table S-2b:
• The actual level of reduction by SNCR must be determined on a case by case basis.  Some facilities will not be


able to achieve 40% NOx reduction.  Others may be capable of greater reductions by SNCR.
• For example, an SNCR system on a Group 1 boiler might provide 40%  reduction from 0.45 to 0.27


lb/MMBTU at a cost of $15/KW in capital, $860-$1160/ton of NOx reduced, and $0.78-1.05/MWhr.
• Costs shown include capital and O&M.
• Capital costs are assumed for a ~200 MW or smaller boiler.  $/KW for capital is expected to be lower for


larger boilers.
• Since all commercial utility SNCR systems but one are urea-based, the SNCR analysis is based upon using


urea as the reagent.  Furthermore, SNCR is extremely process dependent; therefore, 40% reduction was
considered because it is in the range of reduction that is typically possible with this technology.  Chemical
utilization was in the range of 0.35-0.60, which is typical for about 40% reduction with this technology.  In
some cases reduction may be higher or lower.  It was assumed that capacity factor equals 0.65 (SNCR
economics have a relatively low sensitivity to capacity factor).  For lower reduction, utilization will often
be higher, resulting in lower cost.


• The seasonal cost analysis values are based upon a 5-month ozone season and no operation outside of the
ozone season.


• The results shown in this table should be regarded as typical values, and representative of facilities that
have similar characteristics and circumstances as those included in the analysis.  Each facility should be
evaluated individually by the owner.
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Table S-2c.  Summary of Approximate Retrofit NOx Control Costs- Reburn
Technology Reduction Annual Control Seasonal Control


From:
lb/MMBT
U


To:
lb/MMBT
U


% Red'n $/ton $/MWh
r


$/ton $/MWhr


Fuel-Lean
Gas Reburn
$1.00/MMBTU*
$1.50/MMBTU*


1.00 0.60 40%


489
648


0.98
1.30


657
795


0.55
0.66


Conventional
Gas Reburn
$1.00/MMBTU*
$1.50/MMBTU*


1.00 0.40 60%


790
1,114


2.37
3.34


946
1,255


1.18
1.57


Fuel Lean
Gas Reburn
$1.00/MMBTU*
$1.50/MMBTU*


0.45 0.27 40%


1,086
1441


0.98
1.30


1,460
1,767


0.55
0.66


Conventional
Gas Reburn
$1.00/MMBTU*
$1.50/MMBTU*


0.45 0.18 60%


1,756
2,274


2.37
3.34


2,100
2790


1.18
1.57


 Coal Reburn 1.00 0.50 50% 315-
485


0.78-1.20 710-
1,115


0.75-1.15


 Coal Reburn 1.50 0.75 50% 210-
320


0.78-1.20 475-
745


0.75-1.15


* reburn fuel premium: cost of natural gas minus cost of coal


Notes on Table S-2c:
• Gas Reburn economics is extremely sensitive to the incremental cost of natural gas over coal. Gas Reburn


economics, like SNCR, are less sensitive to variations in capacity factor than other technologies, and a
capacity factor of 0.65 is assumed.  Also, the costs shown are based upon analysis at the reburn fuel flows of
figure 2-13.  Because of the shape of this curve, the fuel flows at 60% reduction could vary such that cost
might vary by as much as  20%.  For 40% NOx reduction, the costs may vary by about ± 10% from those
shown.


• No credit is taken for impact on SO2 emissions, reduced ash handling, or similar beneficial effects of firing
natural gas.


• It is assumed that a Conventional Gas Reburn System cost is $15/KW.  The cost of a Fuel Lean  System is
assumed to be $10/KW or less.


• Costs shown include capital and production costs (O&M plus fuel).
• The seasonal cost analysis values are based upon a 5-month ozone season and no operation outside of the


ozone season.
• The results shown in this table should be regarded as typical values, and representative of facilities that


have similar characteristics and circumstances as those included in the analysis. Each facility should be
evaluated individually by the owner.


• The  Coal Reburn example is based on a 500 MW plant and capital cost of $45/KW (based on DOE estimate of
capital cost) and capacity factor of 65%.  It should be kept in mind that there is very little experience with this
technology.  Two demonstration systems <~100MW cost well in excess of $100/KW in capital cost.  Hence, the
cost values for  Coal Reburn should be regarded as very uncertain.
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Table S-3: Combination of Urea SNCR and
Gas Reburn (200 MW boiler)


urea SNCR:
1.0 to 0.40


Conventional
Gas Reburn:
1.0 to 0.40


Fuel Lean Gas Reburn:
1.0 to 0.60
+ urea SNCR: 0.60 to 0.36


Reburn Annual Costs
   Ann.  NOx Removed
   $/MWhr


$3.84 million
3,416 tons
$3.37/MWhr


$1.51 million
2,280 tons
$1.33/MWhr


SNCR Annual Costs
   Ann.  NOx Removed
   $/MWhr


$3.90 million
3,416 tons
$3.42/MWhr


-
-
-


$1.15 million
1,367 tons
$1.01/MWhr


Total Annual Costs
  Ann.  NOx Removed
   $/MWhr
   $/ton NOx removed


$3.90 million
3,416 tons
$3.42/MWhr
$1,142/ton


$3.84 million
3,416 tons
$3.37/MWhr
$1,124/ton


$2.66 million
3,647 tons of NOx
$2.34/MWhr
$729/ton


• In reading this table add the cost of Gas Reburn and  tons reduced by Gas Reburn to the cost of SNCR and tons
reduced by SNCR.   For example, it would cost approximately $3.90 million per year to reduce NOx from 1.0
lb/MMBTU to 0.4 lb/MMBTU or less by urea SNCR alone.  Alternatively, it would cost about $3.84million per
year by Gas Reburn alone.  As an alternative to using either technology alone, it would cost about $2.66million
by combining the two technologies such that each provides 40% reduction for an outlet NOx of about 0.36
lb/MMBTU.


• Annual costs include levelized cost of capital and the operating and maintenance costs (including fuel).
• No credit is taken for impact on SO2 emissions, reduced ash handling, or similar beneficial effects of firing


natural gas.
• Both SNCR and Gas Reburn are highly process specific, and each facility should be evaluated individually.


This data should be considered indicative of possible scenarios.  The analysis assumes 45% urea chemical
utilization for 40% reduction and 25% urea chemical utilization for 60% reduction.  In any particular SNCR
application, these estimates could be significantly different; but, the same trends should exist. For many  utility
boilers 60% NOx reduction is not practical with SNCR or reburning alone.  Figure 2-13 was used to estimate
reburn fuel heat input.


• It was assumed that the cost of gas is $1.50/MMBTU greater than that of coal and capacity factor is 65%.
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S.4  Summary - Chapter Four: Case Studies
The fourteen case studies in Chapter Four include SNCR, SCR, Gas Reburn and
gas-fired Low NOx Combustion technology applications.  A total of roughly 30
boilers are addressed.  Each of these case studies was prepared in cooperation
with facility operators.  The case studies provided detailed information on
project cost, operating cost, and operating experience.  The cost information -
capital and operating - gathered in the case studies was used in the cost analysis
(Chapter 3).  This cost information enabled more representative cost estimates to
be made since some cost information was not readily available in the literature,
and having information provided directly by users assures that the cost analysis
of Chapter Three is anchored in reality.  For example, information on catalyst
disposal cost, maintenance, impacts on heat rate, etc. from the actual facilities
was incorporated into the cost analysis of Chapter Three.  We are not aware of
another study that incorporates such up-to-date and representative operating
data in such a direct manner.


Some technology users were contacted that chose not to participate in the case
studies.  In some cases these users were reluctant to provide cost information;
but, in most cases the users did not have enough operating experience to
provide meaningful information.


While specifics on performance levels, experience, and costs for each of the
technology applications addressed in the case studies can be found in Chapter
Four, in Table S-4 a list of facility types, technologies, and measures of
experience and reliability is presented.  In all of these applications, a total of six
forced outage incidents were reported at two facilities (three at each facility - see
case studies SNCR-1 and SCR-1).  At both of these facilities changes in O&M
practices or replacement of auxiliary hardware have already or will in the future
eliminate the problem that caused the forced outages.  It is notable that in no
case did NOx Control process failure result in a forced outage.  In two cases the
technology cannot be operated continuously to provide intended NOx
reductions (see SNCR-4 and SNCR-5).  Both of these cases these are very
challenging SNCR applications that required sophisticated injection methods
that generally have not been necessary in other commercial SNCR systems.
Nevertheless, these SNCR systems are operated regularly to provide some NOx
reduction.  All of the other SNCR systems are operated continuously at the
intended NOx reductions.


Table S-5 breaks down the information of Table S-4 by experience with the
various technologies for coal-fired plants.  As shown, SNCR has provided over
24 total boiler-years of service on these U.S. installations with a total of 3 outage
incidents (3 days of lost service) that all occurred in the initial months of
operation at the first electric utility boiler SNCR system (see case study SNCR-1).
Since that time there have been no forced outage incidents. There have been a
total of about 15 boiler-years of SCR service at these U.S. facilities with only 3
forced outages (see case study SCR-1).  And, in both cases, the problems that
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caused the outages have been corrected (in the case of the SNCR application) or
will be corrected over time (in the case of the SCR application) - assuring higher
reliability in the future.  In the case of Gas Reburn, while the total commercial
experience level is considerably less, the lack of any outages after about 3 total
boiler-years of service is a very promising trend.


The experience with these technologies has been extremely positive.  While
each project had its challenges, the overall reliability and performance of the
secondary control technologies has been extremely good.  Technology suppliers
appear to have addressed the concerns that have been expressed by the utility
industry regarding difficulties in applying these technologies to commercial U.S.
facilities and any impact to facility reliability.


Table S-4  Summary of Case Study Results
Boiler Type Technology1 # Boilers Performance


Achieved? 2


Tot. Boiler-
Months in
Service 3


# Forced
Outage


Incidents


Gas LNB
SNCR
SCR


5
18
9


yes
yes
yes


na
na
na


0
0
0


Oil SNCR 1 yes 30 0


Coal, Grp 1 SNCR
SNCR
SCR
Gas  Reburn


4
1
5
1


yes
yes 5


yes
yes


158
30
142
12


3 4


0 5


0
0


Coal, Grp 2 SNCR
SNCR, NH3


SCR
SCR, demo
Hybrid demo
Gas Reburn


3
1
1
1
1
1


yes
no 6


yes
yes
yes
yes


72
30
30
5 8


2
22


0
0
3 7


0
0
0


Totals Gas/Oil
33


Coal
19


533 6


Notes:
1 - SNCR is urea-SNCR, except where noted as ammonia-SNCR (NH3)
2 - Yes for Performance Achieved means that design reduction, ammonia slip, CO emissions, etc. have been met and


catalyst activity has - thus far - met expectations
3 - Months in service as of Nov/Dec 1997.  Gas-fired unit data not available, but generally longer
4 - Forced outage incidents were in initial months of operation.  Improved O&M practices - more frequent


inspection of urea injectors - have corrected problem
5 - System meets design reduction and ammonia slip; however, unexpected high air preheater deposit formation


rates cause system to be operated at lower reduction. Since modified operation, no forced outages
6 - At  design reduction, ammonia slip is high and causes rapid air heater deposit formation.  System is operated at


lower reduction levels
7 - Forced outages resulted from failure of auxiliary mechanical equipment (expansion joints).  Operator will


replace/upgrade all expansion joints over time, reducing these failures.  SCR catalyst and controls
operate as intended


8 - Catalyst is still in duct after 30 months of operation and continues to be tested.  Catalyst has met or exceeded
expected activity levels over this time
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Table S-5.  Summary of Case Study Experience by Technology
Coal Fired Boilers Only


Technology # of Boilers MW Total Boiler-Months in
Service (Nov '97)


Total Forced
Outage
Incidents


SNCR (urea &
NH3)


9 1,664 290 3


SCR 7 1,845* 177 3
Gas Reburning 2 169 34 0
Total 18 3,678* 501 6


S.5  Concluding Remarks
Coal-fired utility boilers emitted 91% of the total utility boiler NOx emissions in
1996. Therefore it is important to understand what methods may be available to
reduce NOx from these coal-fired facilities.  Because many of these facilities are
already equipped with primary controls, secondary controls will be necessary to
achieve further reductions.


The experience with secondary controls demonstrates that the application of
available, commercially-proven, secondary control technologies can potentially
provide significant NOx reduction capability for every coal-fired boiler in the
OTR.  The actual approach any particular facility chooses to reduce NOx will be
site specific.  There are several technical and economic issues that require careful
consideration.  For nearly all boiler types, NOx reduction is possible for less than
$1,500/ton (based on annual controls). The OTC’s MOU provides for substantial
flexibility in how compliance may be achieved, such as trading and averaging.
Because many facilities can reduce NOx for well below $1,000/ton, it is expected
that the actual cost of controls for the region will average well below $1,500/ton
for even high levels of reduction.  For seasonal controls, the $/ton value will be
higher; however, the total cost to the utility industry will be less.


Experience in the U.S. with secondary control technologies has been extremely
good.  These technologies have demonstrated a high degree of reliability and a
high degree of process effectiveness, as attested to by the users of these
technologies in Chapter Four.  Although each case study of Chapter Four had
unique challenges, in very few cases did these challenges ultimately create any
operating difficulty for the user.  And, in each of the few cases where a difficulty
was encountered, the facilities were able to find ways to address the issue of
concern.  In these cases, the problem was usually a result of failure of auxiliary
equipment or boiler hardware, not the NOx-reduction process hardware.








 
 


 


 


 
 
 
 
 
 


 


 


 


 


CORMETECH, Inc.  
SCR Experience Overview List  


March 2007 
As a worldwide market leader in Selective Catalytic Reduction technology, 
Cormetech’s experience is strong. It spans the world with installations 
throughout the Americas, Europe and Asia. Our expertise also crosses 
industrial market boundaries. Cormetech has manufactured titania-based 
ceramic SCR catalyst for installation in more than 900 power generation, 
petrochemical refining and other industrial processing units. 


 


UNIT TYPE NUMBER 
GENERATING 


CAPACITY 
(MW) 


Utility Boilers 
Utility Boilers – Natural Gas Fired 


Utility Boilers – Coal Fired 
Utility Boiler – Oil Firing 


Utility Boiler – Wood Fired 


189 
  54 
132 
    1 
    2 


Utility Boilers – Demonstration     4 


Combustion Turbines 558 


Diesel Engines  25 


> 100,000 


Refinery, Industrial Boilers & 
Process Gases 165  


Total 941  


 


 


















































































































































































NOTICE OF EXCLUSION OF MATERIAL LABELED 


“CONFIDENTIAL” FROM EPA REGION 8 WEBSITE 


 


 


Material excluded:  Report titled “Topsoe SCR DeNOx 


Technology and Catalyst,” authored by Haldor Topsoe, 


undated.  Transmitted from Sierra Club to EPA as Exhibit 


41. 


 


Reason for exclusion:  A note appears at the bottom of each 


page, stating that the information contained herein is 


confidential.  EPA is researching the matter. 


 


If you have any questions, please contact Mike Owens, Air 


Program, EPA Region 8, at 303-312-6440, or by email at 


owens.mike@epa.gov.     



mailto:owens.mike@epa.gov






COMMON:rnALTH OF VIRGINIA 
Department of Air Pollution Control 


INTRA-AGENCY MEMORANDUM 


TO: Director, Technical Evaluation 


FROM: Director, Region II 


SUBJECT: PERMIT ENGINEERING ANALYSIS - HADSON POWER 14 - BUENA 
VISTA, REGISTRATION NO. 21130 


DATE: January 3, 19~~ 


INTRODUCTION & BACKGROUND 


Hadson Power 14 Buena Vista (formerly of Ul trasystems 
Development Corporation) proposes to construct a coal-fired 
cogeneration plant in Buena Vista, Virginia. The proposed location 
is off of route 60 across the Maury River from Georgia Bonded 
Fibers. This facility is nearly identical in design to three other 
cogeneration plants now under construction or in operation near 
Altavista, Hopewell, and Southampton, Virginia. 


Hadson Power's design consists of two spreader stoker boilers, 
each having a nominal heat input capability of 379 x 106 Btu/hr, 
and associated coal, ash, and lime handling equipment. In addition 
to the spreader-stoker boilers, Hadson Power proposes to construct 
a 62. 25 x 106 Btu/hr auxiliary boiler fired by natural gas and 
distillate oil. The boilers generate steam primarily for use in 
electric generation. The facility includes a single steam turbine 
capable of 66.5 megawatts of gross electrical power. 


Supply of steam to a host facility serves as a secondary 
function. At Buena Vista, Hadson Power is under contract to supply 
up to 8 percent of its maximum steam generation for use at Georgia 
Bonded Fibers. 


While under contract with Hadson Power, Georgia Bonded Fibers 
intends to shut down its existing boilers. The resulting emissions 
reduction is expected to off set a portion of the emissions from 
Hadson Power. Issues relating to the host boiler shutdown, 
including enforcement and the use of emissions credits in pollutant 
dispersion modelling, are discussed in the pages to follow. 
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SUMMARY OF PERMIT APPLICATION 


A complete list of relevant documents is included in Part III 
of the draft permit. These documents address emissions from the 
combustion equipment, and coal, lime, and ash handling systems. 


Combustion of coal occurs in two travelling grate coal-fired 
spreader-stoker boilers, referred to as the primary boilers. Each 
primary boiler is capable of burning 15.1 tons per hour of coal. 


As mentioned, Hadson Power proposes to construct an auxiliary 
boiler. The function of the auxiliary boiler is to prevent 
interruption of steam to the host facility. It will not operate 
when one or both of the main boilers is on line, except during 
periods of low load, startup or shutdown. At maximum capacity, the 
auxiliary boiler will consume 60,000 ft3 of natural gas per hour or 
445 gallons No. 2 oil per hour as backup. 


The fuel burned in the three boilers meets the following 
specifications: 


Bituminous Coal 
Average Heating Value: 
Average Ash Content: 
Maximum Sulfur Content: 


Natural Gas 
Average Heating Value: 
Nominal Sulfur Content: 


Distillate (No. 2) Oil 
Average Heating Value: 
Maximum Annual Average: 


Sulfur Content 
Maximum Sulfur Content: 


(Per Shipment) 


12,538 Btu/lb 
8.1 % 
1.0 % 


1040 Btu/ft3 


negligible 


140,000 Btu/gal 
0.2 % 


0.3 % 


Hadson Power proposes two options for their coal handling 
system. The first option, together with the lime and ash handling 
systems, is outlined in the revised Materials Handling System 
Description (Reference 62 as listed in Part III of the draft 
permit). Under this option, coal is received exclusively by rail 
car at an unloading area across the Maury River from the plant. 
Hadson Power anticipates coal delivery averaging less than ten, 
100-ton rail cars per day. The rail cars empty into grade-level 
hoppers feeding a conveyor that crosses the Maury River en route 
to a storage pile. The storage pile is expected to have the 
capacity for 16,000 tons of coal. Load-out from the conveyor onto 
the pile occurs through a stacker tube, 10 feet in diameter and 70 
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feet in height. The capacity to receive coal is limited to 400 
tons per hour by the capacity of the conveying system. Reclaim 
from the coal pile occurs through gravity fed hoppers. The hoppers 
feed a conveyor en route to an above-ground crusher followed by 
four identical storage silos adjacent to the boilers. 


The second option involves receiving coal by truck (see 
Reference 160, Part III of the draft permit for detailed 
description). Hadson Power anticipates receiving up to 40 coal 
trucks per day, each having a capacity of 28 tons. The trucks 
unload in a drive-through enclosure adjacent to the boiler 
building. Coal falls from beneath the trucks into a grade-level 
hopper equipped with water sprays for dust suppression. From the 
hopper, the coal is conveyed to either of two 1,500-ton capacity 
storage silos. The storage silo discharge is fed to an above
ground crusher followed by the four storage silos adjacent to the 
boilers. 


The total silo storage capacity is 725 tons, sufficient to 
operate the plant for 24 hours at maximum capacity. 


In addition to equipment for handling coal, Hadson Power 
proposes to install a system for transfer and storage of lime. 
This equipment is necessary to supply reagent to the flue gas 
desulfurization (FGD) units on the main coal boilers. Pebble lime 
of less than 3/4 inches in diameter is received from enclosed tank 
trucks having up to 25 tons capacity. Hadson Power estimates that 
the plant will receive approximately 400 truckloads of lime each 
year. The lime is unloaded through a closed pneumatic system to 
a 115-ton silo. The silo discharges pneumatically into a slaker 
where water is added and powdered, hydrated lime is produced. An 
enclosed holding tank receives hydrated lime from the slaker for 
use in the FGD systems. 


An ash handling system is also proposed. Ash from the 
baghouse hoppers is transferred pneumatically to a recycle bin for 
recovery of unreacted lime. A portion of the baghouse catch is 
reinjected into the FGD units through closed pneumatic piping. 
The remaining ash and FGD products are transferred pneumatically 
to a 530-ton storage silo. The maximum expected ash and FGD 
product flow is 11,000 lbs/hr. From the silo, the waste product 
is hauled by truck for off-site use or disposal. 


A summary of each emission point is given as follows. 
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Reference Emission Point Pollutant(s) Control 
Strategy Number Emitted 


COMBUSTION EQUIPMENT: 


1&2 


3 


Two 379xl06 Btu/hr 
spreader-stoker 
coal-fired boilers 


62.25x106 Btu/hr 
auxiliary boiler 
with natural gas 
as primary fuel and 
distillate oil as 
backup 


PM-10/TSP 
S02 


NOx 


co, voe 


Lead 


PM-10/TSP 


NOx 


co, voe 


Lead 


baghouse 
spray dryer 


selective 
catalytic 
reduction 
combustion 
techniques 


baghouse 


combustion 
techniques 
low sulfur 


fuels 
combustion 
techniques 
combustion 
techniques 


none 


COAL HANDLING EQUIPMENT (First Option) 


B-1 


C-2 


C-1 


WE-1 


* 


* 


Transfer from rail 
car to hopper 


Transfer of coal 
on conveyor belts 


Transfer from belt 
to coal pile 


Wind erosion of 
coal pile 


Under-pile 
reclaim 


Coal crushing 


PM-10/TSP enclosure, 
wet sprays 


PM-10/TSP enclosure, 
wet sprays 


PM-10/TSP stacker 
tube, sprays 


PM-10/TSP wet 
suppression 


PM-10/TSP none 


PM-10/TSP sprays and 
enclosure 


and within 
building 


Comments 


99.9% efficiency 
93% efficiency 


1.0% sulfur coal 
0.15-0.25 lb 
NOx/106Btu 


99.9% efficiency 


natural gas, 0.2% 
sulfur #2 oil 


approximately 95% 
efficient 


approximately 97% 
efficient 


approximately 97% 
efficient 


approximately 90% 
efficient 


emissions are 
negligible 


emissions are likely 
to be negligible, 


otherwise, baghouse 
may be installed 
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Reference Emission Point Pollutant(s) Control 
Strategy 


Comments 
Number Emitted 


COAL HANDLING EQUIPMENT (First Option - Continued) 


C-3 


COA-1 


Transfer at 
Crusher Building 


Transfer into 
coal storage silos 


PM-10/TSP 


PM-10/TSP 


COAL HANDLING EQUIPMENT (Second Option) 


* 


* 


COA-2 


* 


COA-1 


Truck unloading 


Transfer of coal 
on conveyor belts 


Transfer into 
1,500-ton coal 
storage silos 


Coal crushing 


Transfer into 
coal storage silos 


LIME HANDLING EQUIPMENT 


LIM-1 


* 


Pneumatic truck 
unloading into 
storage silo 


Slaker 


PM-10/TSP 


PM-10/TSP 


PM-10/TSP 


PM-10/TSP 


PM-10/TSP 


PM-10/TSP 


PM-10/TSP 


sprays and 
enclosure 


bag house 


sprays and 
enclosure 


enclosure, 
wet sprays 


bag house 


sprays and 
enclosure 
and within 
building 


baghouse 


approximately 97% 
efficient 


0.02 grains TSP 
emitted/dscf baghouse 


exhaust 


approximately 97% 
efficient 


approximately 97% 
efficient 


0.02 grains TSP 
emitted/dscf baghouse 


exhaust 


emissions are likely 
to be negligible, 
otherwise, baghouse 


may be installed 


0.02 grains TSP 
emitted/dscf baghouse 


exhaust 


baghouse 0.02 grains TSP 
emitted/dscf baghouse 


exhaust 


wet venturi emissions vented 
scrubber into the slaker 


tank, not to 
atmosphere 
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Reference Emission Point 
Number 


ASH HANDLING EQUIPMENT 


ASH-1 


* 


Pneumatic Ash/FGD 
reaction products 


transfer from 
baghouse to silo 


Ash silo discharge 
into haul trucks 


Pollutant(s) 
Emitted 


PM-10/TSP 


PM-10/TSP 


Control 
Strategy 


baghouse 


thorough 
wetting 


Comments 


0.02 grains TSP 
emitted/dscf baghouse 


exhaust 


Emissions should be 
negligible, if ample 
moisture is used 


"*" indicates the emission point was not quantified in the permit 
application 


APPLICABLE REGULATIONS 


At minimum, the boilers must meet all existing and proposed 
EPA New Source Performance Standards (NSPS) . NSPS Subpart Da 
applies to the main coal-fired boilers which meet the definition 
of "electric utility steam generating unit" under that subpart (a 
copy of Subpart Da is attached to the draft permit). 


NSPS Subpart De applies to the auxiliary boiler. Facilities 
affected by Subpart De are oil, wood, and coal-fired steam 
generating units having a maximum heat input capability between 10 
and 100 x 106Btu/hr (a copy of Subpart De is also attached to the 
draft permit). 


In addition to EPA NSPS requirements, the facility is subject 
to the requirements of the Federal Prevention of Significant 
Deterioration (PSD) program. A description of PSD regulations is 
given in detail in the Code of Federal Regulations beginning at 40 
CFR 52.21, or may be found in §120-08-02 of State Regulations. PSD 
applies on a pollutant-specific basis to emissions that exceed the 
PSD significant emission rates. A comparison of Hadson Power's 
total permitted emissions to the PSD significant emission rates is 
given as follows. 
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* 


Pollutant Emissions PSD Significant PSD 
(tons{X'.:r) Emissions (tons/_yr) Trigger? 


TSP 65.7 25 Yes 
PM-10 59.5 15 Yes 


* NOx 797.1 40 Yes 
S02 358.3 40 Yes 
co 636.9 100 Yes 
voe 96.5 40 Yes 
Be 0.00045 0.0004 Yes 


H2S04 6.5 7 No 
Hg 0.015 0.1 No 
Pb 0.001 0.6 No 


Represents a worst-case emission limit in the event of 
marginal performance or deterioration of the NOx emissions 
abatement system. The facility is to be designed and operated 
to achieve a maximum NOx emissions rate of 479.1 tons/yr. 


Emissions of other pollutants having PSD significance level 
are considered to be negligible. 


As indicated, the proposed facility prompts PSD review for 
emissions of TSP, PM-10, so2, NOx, co, voe, and beryllium 


Because the facility is located within 100 km of both of 
Virginia's federal Class I areas (14 km north of the James River 
Face Wilderness and 56 km southwest of the Shenandoah National 
Park) , PSD regulations require a more detailed analysis of 
pollutant impacts. Additional analyses include a prediction of 
Class I increment consumption and the effects on visibility within 
the Class I areas. Additional discussion on these subjects is 
provided later in the text. 


EMISSION EVALUATION FOR CRITERIA POLLUTANTS 


BACT Versus LAER 


The Federal permitting process involves two methods of control 
technology review. In geographic locations where ambient pollutant 
concentrations exceed the National Ambient Air Quality Standards 
(NAAQS) , permit applicants are required to meet the Lowest 
Achievable Emissions Rate, or LAER. LAER is defined by the lowest 
emissions limit achieved in practice on a similar design. Only 
technical and environmental factors are considered, without regard 
to cost. 


In areas where pollutant concentrations are within the NAAQS, 
the applicant must apply Best Available Control Technology, or 
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BACT. BACT represents the most stringent emissions limit that is 
technically, economically, and environmentally feasible. EPA 
policy requires that LAER is the first consideration in the BACT 
analysis. Only when LAER is proven to be environmentally or 
economically infeasible may BACT be less stringent than LAER. 
However, in no case may BACT result in an emissions rate less 
stringent than required by the EPA's New Source Performance 
Standards. EPA policy also dictates that selection of BACT 
consider case-specific factors such as geographic location and 
project design. 


The Buena Vista area is in attainment of all NAAQS. Thus, a 
BACT, rather than a LAER analysis is required for all pollutants. 
Consequently, economic factors are considered, with special 
emphasis on environmental impacts within the nearby Class I areas. 


BACT - Technical Feasibility 


Above all, BACT must be technically feasible. A control 
technology is considered technically feasible when it is both 
"available" and "applicable" to a specific source type. The EPA 
New Source Review Workshop Manual (EPA Workshop Manual) provides 
guidance for determining which technologies are "available" and 
"applicable" to a particular design. "Available" control options 
are defined in the EPA Workshop Manual (October 1990 draft edition) 
as: 


"those air pollution control technologies or techniques 
with a practical potential for application to the 
emissions unit and regulated pollutant under 
evaluation ... This includes technologies employed outside 
the United States ... [and] not only existing controls for 
the source category in question, but also (through 
technology transfer) controls applied to similar source 
categories and gas streams. (p. B.5) 11 


An underlying requirement for availability is that the technology 
has been licensed and is available for commercial sales (p. B.18 
of the EPA Workshop Manual) . A control option is considered 
applicable: 


"if it has been or is soon to be deployed (e.g. is specified 
in a permit) on the same or similar source type... the 
decision of whether or not it is applicable to the source in 
question would have to be based on an assessment of the 
similarities and differences between the proposed source and 
other sources to which the process technique has been applied 
previously. Absent an explanation of unusual circumstances 
by the applicant showing why a particular process cannot be 
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used on the proposed source the review authority may presume 
it is technically feasible." (pp. B.18-19, EPA Workshop 
Manual). 


BACT - Economic Feasibility 


When a control technology is technically feasible and able to 
meet all air quality standards, economic feasibility is often the 
deciding factor. The Department uses two measures to evaluate 
economic feasibility, total and incremental cost. Total costs are 
measured relative to the equipment without emissions controls. 
Incremental costs are measured as the difference between two levels 
of emissions control. 


No specific guidance is available to define acceptable control 
costs. Instead, economic feasibility is based on precedent set by 
EPA regulation and BACT determinations made for similar sources. 


The preambles to NSPS Subparts Da, Db, and De provide guidance 
for total cost. These regulations define control requirements for 
utility, industrial, commercial, and institutional boilers. The 
most recent, Subpart De, suggest that up to $3,300 per ton of 
pollutant removed (in 1989 dollars) is a feasible total cost for 
so2 control. This equates to about $3,800 per ton of pollutant 
removed in 1992 dollars, which is the base year for Hadson Power's 
economic analysis. 


Precedent for incremental costs may be found in the analyses 
for similar coal-fired boiler permits. One such analysis has been 
done for the Chambers Works cogeneration facility in Carney's 
Point, New Jersey. Chambers Works is the first coal-fired facility 
in the United States to propose selective catalytic reduction (SCR) 
for NOx control. The decision to propose SCR is based on an 
incremental cost (in 1990 dollars) of $12, 788 per ton of NOx 
removed. This equates to about $14, 000 per ton of pollutant 
removed in 1992 dollars. 


The Department considers the costs discussed in preceding 
paragraphs to be applicable to the Hadson Power permit review. 
Although the total cost values presented in NSPS Subpart De are 
specifically for removal of so2 , this guidance can be applied to 
other criteria pollutants assumed to be of equal or greater value. 
NOx is one such pollutant. At first glance, the incremental costs 
in the Chambers Works analysis appear to be for a specific case, 
not applicable to the Hadson Power site. Chambers Works is located 
in an ozone non-attainment area, making NOx reduction a premier 
concern. However, with the proximity of the Hadson Power to 
Virginia's Class I areas and the potential for significant Class 
I increment consumption, it is the opinion of the Region II office 
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that the Hadson Power project should bear similar incremental 
control costs. Therefore, $3,800 and $14,000 per ton of pollutant 
removed is proposed as total and incremental cost criteria for the 
project under review. 


BACT - Environmental Feasibility 


A third element in the BACT analysis is the environmental 
impacts review. This analysis considers secondary environmental 
factors in addition to air quality. The applicant may reject or 
prefer a technology on the basis of its secondary effects on the 
environment. For example, a control option may be environmentally 
infeasible because it generates excessive or hazardous solid waste, 
consumes a limited or vital resource, or emits a pollutant more 
harmful than that being controlled. Conversely, a more stringent 
technology may be required to mitigate adverse impacts on Class I 
areas, visibility, or soils and streams. 


The entire scope of technical, economic, and environmental 
impacts have been considered in the control technology review for 
the Hadson Power project. The BACT determination for each criteria 
pollutant emitted from the primary boilers, the auxiliary boiler, 
and the materials handling systems is given in the text to follow. 


Primary Boilers 


Detailed calculations of emissions from the primary boilers 
are summarized in Appendix A 


TSP 


Available TSP controls include various types of 
scrubbers, electrostatic precipitators, and baghouses. 
the baghouse is widely accepted as most efficient. 


cyclones, 
Of these, 


The Department has determined that a multiple cyclone in line 
with a baghouse is BACT for the Hadson Power facility. Vendor 
guarantees are available to Hadson Power for particulate emission 
rates of 0.015 and 0.020 lbs/106Btu. The more stringent emission 
rate is achievable by using a Gortex bag fabric at significantly 
higher cost. Below is a summary of costs for both control options. 
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Control Technology 
Bag Material 
Emissions (lbs/106Btu) 


(tons/year) 
Capital Cost 1 


Annualization Factor 
Annualized Capital 


Labor and Maintenance2 


Electrical Power3 


Bag Replacement4 


Ash Disposal5 


Annualized Operating 
Cost 


Total Annualized Cost 
Tons/yr TSP Removed6 


Total Cost-
Effecti veness 


Incremental Cost 
Incremental Tons TSP 


Removed 
Incremental Cost-


Ef f ecti veness 


Bag house 
Woven Fiberglass 


0.020 
64 


$1,872,800 
0.175 


$327,700 


$93,600 
$190,500 


$30,300 
$780,200 


$1,094,600 


$1,422,300 
107,385 


$13 


NA 
NA 


NA 


Bag house 
Gortex 


0.015 
46 


$2,300,900 
0.175 


$402,700 


$115,000 
$190,500 
$181,400 
$780,500 


$1,267,400 


$1,670,100 
107,401 


$16 


$247,800 
16 


$15,500 


1Escalated from cost estimates submitted by Hadson Power in 1990 
dollars to 1992 dollars using an annual inflation rate of 4.5%. 


2Assumed to be 5 percent of system capital cost 
3Both technologies require 336 kW at a cost of $.0675/kW-hr. 
4 • Assuming a three-year bag replacement cost as follows: 


woven fiberglass bags to achieve 0.020 lbs/106Btu: $90,900 
Gortex bags to achieve 0.0146 lbs/106Btu: $544,300 


5Ash disposal costs at $17.20 per ton for the following waste 
generated based on the baghouse preceded by a dry scrubber having 
93 percent so2 removal efficiency: 


fiberglass bags to achieve 0.020 lbs/106Btu: 45,360 tons/yr 
Gortex bags to achieve 0.0146 lbs/10°Btu: 45,378 tons/yr 


6The particulate removed from the gas stream is significantly 
greater than the waste disposed because a portion of the baghouse 
catch is recirculated to the dry scrubber system. 


A TSP emission rate of 0. 015 lbs/ 106Btu is economically 
infeasible on the basis of incremental cost. The incremental cost 
difference between 0.015 and 0.020 lbs TSP/106Btu ($15,500/ton) 
exceeds the suggested guideline of $14,000/ton. This occurs, in 
part, from the fact that the more expensive Gortex bags produce a 
TSP emissions benefit of only 16 tons/yr. 
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The next most stringent emissions rate of 0.020 lbs/106Btu has 
been accepted as BACT. Hadson Power proposes to meet this emission 
rate by using one multiple cyclone and fabric filter per boiler. 
Each baghouse has six modules with a total filter area of 31,667 
ft 2


, or an air-to-cloth ratio of 3. 56. The filter material is 
composed of woven fiberglass with a 10% Teflon B finish. 


PM-10 
Until recently, the agency has had no EPA approved method of 


testing PM-10. Thus, limited information is available to define 
a proven BACT limit for PM-10. The best method of establishing a 
limit is to assume that PM-10 is emitted as a percentage of TSP. 


The ratio of PM-10/TSP depends primarily on boiler and control 
equipment design. Hadson Power claims that this ratio is about 90% 
for their design. Supplement B to EPA AP-42 gives a 60% ratio of 
PM-10/TSP for a typical spreader stoker boiler controlled by a 
baghouse. For a pulverized coal boiler controlled by a baghouse, 
the ratio is 92%. Analyses supporting other cogeneration permits 
in Virginia tend to verify the applicant's claim of 90%. Because 
this ratio is recognized as being highly variable, and because PM-
10 impacts are expected to minimal, the Department has chosen to 
accept Hadson Power's estimate. This results in a PM-10 emissions 
of 0.018 lbs/106 Btu. 


Visible Emissions 
Agency guidelines recommend an opacity limit of 5 percent for 


particulate sources controlled by a baghouse. However, this limit 
has not been applied to sources, such as Hadson Power, that are 
equipped with an opacity monitor. Because the monitor may 
introduce a source of error as high as 3 percent, a slightly higher 
1 imi t is necessary. For this reason, the agency proposes an 
opacity limit of 10 percent. 


The opacity requirements are stated in Specific Condition 24 
of the draft permit. Compliance is determined by visual or 
monitored readings averaged over a period of six minutes. 
Exemptions are allowed during startup, shutdown, malfunction, and 
for one six-minute period per hour in which emissions do not exceed 
20 percent. The draft permit includes restrictions to limit the 
duration of exempt opacity during startup and shutdown. State 
regulations include provisions to ensure that excess opacity during 
malfunction does not become normal operating practice. 


Available so2 controls include consideration of coal sulfur 
content in conjunction with dry and wet scrubbing processes. Both 
wet and dry systems use a range of alkali reagents mostly 
consisting of sodium, calcium, or magnesium compounds. The most 
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efficient of these systems involves the injection of magnesium 
oxide enhanced lime in a wet scrubber. Discussions with Bechtel 
(a mag-ox scrubber vendor) and technical experts at EPA suggest 
that mag-ox scrubbing has a maximum reliable so2 removal rate of 
about 96 percent. 


Emissions reductions of 95-96 percent have also been achieved 
using fluidized bed combustion. Fliudized bed technology employs 
a radically different combustion process by burning coal and 
limestone together in the combustion zone. For this reason, it 
cannot be fitted to Hadson Power's spreader-stoker design. 
Instead, the technology would require Hadson Power to redesign and 
purchase completely different boilers. Present EPA and agency 
policy does not require that alternative boiler design be 
considered in the BACT analysis. Thus, the fluidized bed process 
is not an option for the Hadson Power control technology review. 


In light of this, the BACT analysis first considers max-ox 
scrubbing at 96 percent so2 removal and proceeds through three 
levels of emissions control. The next most effective method is 
conventional wet scrubbing using ground limestone (calcium 
carbonate) for 95 percent reduction of so2 • The third most 
stringent technology is that proposed by the applicant - dry 
hydrated lime injection at a removal efficiency of 93 percent. 


Although all three processes have been demonstrated, technical 
concerns are more prominent with mag-ox and conventional wet 
scrubbing (see References 49 and 52, Part III of the draft permit 
for more detailed information). Wet and mag-ox scrubbers produce 
a greater volume of waste that is more difficult to handle. Wet 
and mag-ox scrubber waste must be dewatered and mixed with flyash 
before disposal. These wastes also have a tendency to slag or cake 
within the scrubber vessel. Redundant or spare scrubber vessels 
are often necessary to increase reliability. Because wet and mag
ox scrubber wastes have a blinding effect on filter bags, the 
technologies cannot be used upstream of a baghouse. Installation 
of the scrubber downstream of a baghouse requires either an 
electrostatic precipitator or an intensive mist elimination system 
to reduce emissions of sulfurous particulate matter. 


There are a number of secondary environmental concerns 
associated with wet and mag-ox scrubbing. Because these systems 
cannot be installed upstream of a baghouse, they are likely to 
increase emissions of particulate matter. Both processes increase 
concern over water withdrawal and solid waste disposal. 


The Department has contacted the Virginia State Water Control 
Board concerning the increased water requirements of wet and rnag
ox scrubbing. Their response indicates that, al though water 
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consumption has been an issue at the Buena Vista site, the increase 
caused by wet scrubbing is insignificant compared to the overall 
water usage at the facility (see References 85 and 88 as listed in 
Part III of the draft permit). 


Water consumption for each type of scrubbing is given as 
follows: 


Dry Hydrated Lime Scrubbing: 
Conventional Wet Scrubbing: 
Magnesium Oxide Enhanced: 
Wet Scrubbing 


4050 gal/hr, 34.0 x 106 gal/yr 
5120 gal/hr, 43.0 x 106 gal/yr 
4880 gal/hr, 41.0 x 106 gal/yr 


Hadson Power's rate of water withdrawal is limited in order to 
minimize their impact on the Maury River. During periods of 
sufficient flow in the Maury River, Hadson Power may withdraw up 
to 1,580,000 gallons/day (65,800 gallons/hr average). When river 
flow is below a sufficient level as determined by Hadson Power's 
water withdrawal permit, they may pump up to 550 gallons/minute 
(33, 000 gallons/hr average) of groundwater from local wells. Thus, 
the incremental difference between scrubbing technologies is about 
1-2 percent of the total riverwater withdrawal and 3 percent of the 
allowed groundwater withdrawal. 


The solid waste issue appears to be of greater concern. The 
relative rates of solid waste generation from the three scrubber 
technologies are given below: 


Dry Hydrated Lime Scrubbing: 
Conventional Wet Scrubbing: 
Magnesium Oxide Enhanced: 
Wet Scrubbing 


5.5 ton/hr, 46,320 ton/yr 
6.1 ton/hr, 51,400 ton/yr 
5.4 ton/hr, 45,360 ton/yr 


The total waste includes 2.9 tons/hr and 24,300 tons/yr of flyash. 


The composition, rather than the volume of scrubber waste is 
of greatest concern. Dry scrubber wastes are collected with flyash 
in the baghouse. The baghouse catch is later mixed with water for 
ease in handling. The result is stable waste product that is 
relatively low in moisture (about 15-20 percent, by weight). Both 
mag-ox and wet scrubber wastes are collected in an absorber vessel 
and pumped as a slurry to a waste treatment system. The waste 
treatment system involves either a settling pond and reclamation 
system or a dewatering system. To further reduce moisture, wet 
scrubber waste is mixed with flyash and/or bottom ash. However, 
the final product may still contain in excess of 40 percent 
moisture. 
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The lower moisture content enables dry scrubber waste to have 
many uses that are not economical for wet and mag-ox scrubber 
wastes. Dry scrubber waste can be used as structural fill; mixed 
with 5-7 percent portland cement to make "flowable fill", a 
compacted backfill for utility trenches; or it can be pelletized 
to make lightweight aggregate. Wet and mag-ox scrubber wastes 
require the addition of a much higher content of dry solids and/or 
portland cement to make the product usable. Hadson Power's ash 
management contractor has indicated that the cost of treating high
moisture wastes far outweighs the benefit of its use. 


The magnesium content of mag-ox scrubber waste creates an 
additional concern. Over time, magnesium oxide waste combines with 
water and expands. This greatly reduces its load-bearing 
characteristics, making it ineffective as structural fill. In 
addition, some magnesium compounds are soluble and have a high 
tendency to leach into groundwater. 


In some cases, conventional wet and mag-ox scrubber wastes 
have been recovered for their sulfur or gypsum content. However, 
these processes are economically feasible only when located in the 
vicinity of a gypsum or chemical processing plant. Shipping and 
handling costs become greater than product value when transporting 
the waste over long distances. Since there are no such operations 
in the vicinity of Buena Vista, gypsum or sulfur recovery is not 
an economical option. 


With no recycle or structural application for wet and mag-ox 
scrubber wastes, landfilling is the only remaining option. Such 
is the case with the Coalstrip Generating station in Montana and 
the ODEC facility proposed for Halifax County, Virginia. 
Coalstrip is a coal-fired utility generating station equipped with 
mag-ox scrubbers. The plant has no market for its scrubber waste 
and operates a scrubber waste landfill on site. ODEC recently 
received a PSD permit to operate a 786-megawatt coal-fired power 
plant having a conventional wet scrubber. ODEC' s developers intend 
to dispose of wet scrubber waste in a 400-acre on-site landfill. 


Such a landfill is not available in close proximity to the 
Hadson Power site. The local government has stated that scrubber' 
waste would not be accepted in the Rockbridge County landfill. 
Therefore, a private landfill is necessary, which Hadson Power 
claims will require up to 75 acres of local land. Hadson Power's 
40-acre site is currently not sufficient. If wet or mag-ox 
scrubbing were to be chosen as BACT, an understanding must be made 
that air quality benefit of lower so2 emissions must come at the 
environmental expense of landfilling scrubber waste. 







PERMIT ENGINEERING ANALYSIS - HADSON POWER 14 - BUENA VISTA 
Page 16 


Wet and mag-ox scrubbers are also significantly more expensive. 
Hadson Power has presented cost estimates for the three scrubber 
technologies in their most recent BACT analysis (Reference 147, 
Part III of the draft permit). These costs have been reworked by 
the Department and are presented on the following pages. Please 
note that all cost estimates are based on the combustion of coal 
containing 1.0 percent sulfur by weight. 


Scrubber Technology Dry Hydrated Lime Wet Limestone Wet Mag-ox 
Control Efficiency 93% 95% 96% 


system Capital $2,122,900 $10,617,700 $15,086,300 
Landfill Capital NA $5,009,300 $9,202,500 
Total Capital $2,122,900 $15,627,000 $24,288,200 
Annualization Factor 0.175 0.175 0.175 
Annualized Capital $371,500 $2,734,700 $4,250,500 


Labor and Maintenance1 $106,100 $530,900 $754,300 
Scrubber Reagent2 $597,300 $238,200 $443,100 
Electrical Power3 $299,900 $844,800 $626,500 
Waste Disposal4 $796,700 $1,693,100 $1,494,200 
Steam Costs5 NA $1,405,300 $1,405,300 
Annualized Operating $1,800,000 $4,712,300 $4,723,400 


Cost 


Total Annualized Cost $2,171,500 $7,447,000 $8,973,900 
Tons/yr so2 Removed 4723 4825 4875 
Total Cost- $460/ton $1,543/ton $1,841/ton 


Effectiveness 


Incremental Cost6 NA $5,275,500 $6,802,400 
Incremental Tons SOz NA 102 152 


Removed6 


Incremental Cost- NA $51,700/ton $44,800/ton 
Effectiveness6 
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1Assumed to be 5 percent of system capital cost 
2Reagent costs are detailed as follows: 


pebble lime (hydrated on site) including delivery: 67.98 $/ton 
pebble limestone including delivery: 17.47 $/ton 
thiosorbic lime including delivery: 78.74 $/ton 


Reagent usage is detailed as follows: 
Dry Scrubber: 8,786 ton/yr high-calcium lime 
Conventional Wet Scrubber: 13,629 ton/yr high-calcium limestone 
Mag-ox Scrubber: 5,628 ton/yr of thiosorbic lime 


3Electrical cost of $.0675/kW-hr and electrical use requirements as 
follows (based on 8400 hrs/yr): 


Dry Scrubber: 529 kW 
Conventional Wet Scrubber: 1,490 kW 
Mag-ox Scrubber: 1,105 kW 


4Waste disposal costs are based on the following rate of waste disposal: 
Dry Scrubber: 46,320 ton/yr 
Conventional Wet Scrubber: 51,400 ton/yr 
Mag-ox Scrubber: 45,360 ton/yr 


And the following costs for waste handling: 
Dry Scrubber Waste: 17.20 $/ton 
Conventional Wet Scrubber Waste: 32.94 $/ton 
Mag-ox Scrubber Waste: 32.94 $/ton 


These costs do not include the annualized capital expense of a 
landfill. Note that flyash is included in the total scrubber waste. 
This occurs because flyash is necessary to stabilize wet scrubber 
waste and is landfilled as a component of the stabilized scrubber 
sludge. 


5cost given for high-pressure steam to reheat the flue gas exiting the 
S02 absorber from 127 to 177°F at 0.00239 $/kW-hr, 70,000 kWnetr 8400 
hrs/yr 


6Relative to dry scrubbing. 


Wet and mag-ox scrubbing are economically infeasible on the 
basis of incremental costs. Incremental costs for both 
technologies exceed the proposed guideline of $14,000/ton. 


Given the overall sum of environmental, and economic effects, 
dry hydrated lime injection to achieve 93 percent so2 removal is 
selected as BACT. Hadson Power proposes to use this technology in 
conjunction with combustion of 1. O percent sulfur coal. The 
resulting so2 emissions rate is O. 112 lbs/ 106Btu, which is the 
lowest so2 emissions rate permitted for a spreader-stoker boiler 
burning eastern bituminous coal. 
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NOx 
Available NOx controls are categorized as follows: 
selective catalytic reduction (SCR) 
selective non-catalytic reduction (SNCR) 
NOx control inherent in fluidized bed combustion 
other low-Nox combustion 


SCR is clearly the most stringent method of NOx control, 
having achievable NOx removal rates in excess of 65-80 percent. 
This equates to 0.10-0.18 lbs/106 Btu, if applied to Hadson Power's 
spreader-stoker boilers. 


The technology is commercially available. SCR has received 
significant demonstration on pulverized coal units in Japan and 
Germany, and has recently been permitted on a pulverized coal 
boiler in the United States. However, SCR has not undergone 
commercial demonstration on U. S. coals, nor has it been installed 
on a spreader-stoker boiler anywhere in the world. Thus, 
application of SCR would require technology transfer to the Hadson 
Power design. 


The EPA Workshop Manual offers the following guidelines 
concerning technology transfer: 


"· .. a presumption of technical feasibility may be made by the 
review authority based solely on technology transfer. For 
example, in the case of add-on controls, decisions of this 
type would be made by comparing the physical and chemical 
characteristics of the exhaust gas stream from the unit under 
review to those from which the technology is to be 
transferred. Unless significant differences between source 
types exists that are pertinent to the successful operation 
of the control device, the control option is presumed to be 
technically feasible unless the source can present information 
to the contrary. (p. B.19)" 


To date, the applicant has not presented sufficient information to 
demonstrate that transfer of SCR is infeasible. 


There are two basic issues to whether SCR may be technically 
transferred to the Hadson Power design: 


1. whether U.S. coals are significantly different as to make the 
technology technically infeasible in the United States, and 


2. whether spreader-stoker boilers are significantly different 
as to preclude the transfer of technology from utility and 
industrial boilers firing pulverized coal. 
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The issue of whether SCR is transferrable to U. S. coals has 
been specifically addressed in the BACT determination for the 
Chambers Works Project. Chambers proposes two pulverized coal 
boilers, each having a maximum heat input capacity of 1,389 x 
106Btu/hr (125 MW gross electrical generation). Chambers expects 
to burn eastern bituminous coal that is higher in sulfur (2.0% 
maximum) than that burned by Hadson Power. In issuing the Chambers 
Works permit, the reviewing authority determined that the coal to 
be burned at that facility is not significantly different from the 
coal being burned at successful SCR applications in Germany and 
Japan. The same determination applies to Hadson Power, as no 
specific differences in coal quality have been shown. 


In support of this determination, the Department has received 
correspondence from SCR vendors indicating that the constituents 
of typical Virginia coal are not prohibitive to SCR operation. 


SCR has been applied to industrial-type pulverized coal 
boilers of comparable size in Japan. Thus, the issue of whether 
SCR is transferrable to Hadson Power's design is dependant only on 
the differences between pulverized coal and spreader-stoker 
boilers. There are significant differences in the two boiler 
designs. Among these differences are variations in excess air, 
furnace temperature, furnace volume, heat transfer surface 
arrangement, flyash characteristics, and the mechanism for feeding 
coal. However, neither the applicant nor the agency's research has 
shown that the gas stream from a spreader-stoker boiler is 
physically or chemically different as to preclude the application 
of this technology. 


Selective non-catalytic reduction is the next most stringent 
means of NOx control. The maximum feasible level of NOx control 
has not been firmly established. SNCR has achieved 80 percent 
reduction on fluidized bed units but has been limited to 15-30 
percent reduction on some municipal waste burning facilities. 


The NOx removal efficiencies demonstrated on fluidized bed 
combustion are not directly transf errable to the spreader-stoker 
design. Fluidized bed combustion provides longer residence time 
needed for more efficient reaction of ammonia with NOx. Also, 
because sulfur compounds are removed in the fluidized bed 
combustion process, less sulfates are available to combine with 
unreacted ammonia to form corrosive ammonia bisulfate downstream 
of the boiler outlet. More ammonia may be injected into the 
fluidized bed boiler because unreacted ammonia is of less concern. 


To date, SNCR has been permitted for several coal-fired 
spreader-stoker units in Virginia. Permits have been issued for 
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40 percent reduction and o. 30 lbs NOx/106Btu on two nearly 
identical Hadson Power facilities. 


More recently, SNCR has been applied in a BACT determination 
for Multi trade Limited Partnership near Hurt, Virginia. The 
Multitrade facility consists of three spreader-stoker boilers 
similar in size to the Hadson Power design. Multitrade has 
received a permit to burn a combination of 84 percent wood/16 
percent coal. The permit requires SNCR at 50 percent NOx removal 
and an emissions rate of o .13 lbs NOx/106Btu. The overall NOx 
emissions rate is lower for Multi trade because wood inherently 
produces less NOx emissions than coal. However, the NOx removal 
efficiency of 50 percent is considered technically transf errable 
to Hadson Power's design. On this basis, Hadson Power has been 
required to review SNCR at a 50 percent NOx reduction and a 
resulting NOx emissions rate of 0.25 lbs/106Btu. 


Technical concerns associated with selective non-catalytic 
are similar to SCR. SNCR technology has not been demonstrated on 
a spreader-stoker boiler burning U. s. coals. However, the 
technology has been applied to U.S coals and to spreader-stoker 
boilers burning other solid fuels. Therefore, SNCR is considered 
technically transferrable to the Hadson Power design. 


The costs of both SCR and SNCR are given on the following 
page. Costs are given relative to an uncontrolled emissions rate 
of 0.50 lbs/106Btu. Two SCR designs are considered. One 
corresponds to a maximum level of NOx removal. The other reflects 
a more moderate control requirement, given the first application 
on a spreader-stoker boiler. 
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Control Technolog~ SNCR SCR SCR 
Emissions ( lbs/10 Btu) 0.25 0.15 0.10 
Control Efficiency 50% 70% 80% 
Capital Cost $2,500,000 $5,645,900 $6,522,500 
Annualization Factor 0.175 0.175 0.175 
Annualized Capital $437,500 $988,000 $1,141,400 


Labor and Maintenance1 $125,000 $282,300 $326,100 
Reagent Costs2 $168,000 $107,300 $122,000 
Electrical Power3 $170,100 $148,000 $183,700 
Replacement catalrst4 NA $459,400 $562,700 
Catalyst Disposal NA $14,700 $18,100 
Annualized Operating $463,100 $1,011,700 $1,212,600 


Cost 


Total Annualized Cost $900,600 $1,999,700 $2,354,000 
Tons/yr NOx Removed 796 1,114 1,273 
Total Cost- $1,131 $1,795 $1,849 


Effectiveness 


Incremental Cost6 NA $1,099,100 $1,453,400 
Incremental Tons NOx NA 318 477 


Removed6 


Incremental Cost- NA $3,456 $3,047 
Effectiveness6 


1Assumed to be 5 percent of system capital cost 
2costs are for anhydrous ammonia @$250/ton delivered to Buena Vista 


in the following amounts: 
SNCR to 0.25 lbs NOx/l06Btu: 1.14 mol NH3/mol NOx, 672 tons/yr 
SCR to 0.15 lbs NOx/l06Btu: 0.73 mol NH3/mol NOx, 429 tons/yr 
SCR to 0.10 lbs NOx/106Btu: 0.83 mol NH3/mol NOx, 488 tons/yr 


3Electrical cost of $.0675/kW-hr and electrical use requirements as 
follows: 


SNCR to 0.25 lbs NOx/106Btu: 300 kW 
SCR to 0.15 lbs NOx/106Btu: 261 kW 
SCR to 0.10 lbs NOx/106Btu: 324 kW 


4Assuming a 3-year catalyst life as a maximum available vendor 
guarantee. The catalytic reactor is constructed in a 3 or 4 
-layer configuration. Replacement of one layer of catalyst occurs 
each year. Total catalyst volume is as follows: 


SCR to 0.15 lbs NOx/106Btu: 70.26 m3 


SCR to 0.10 lbs NOx/106Btu: 86.42 m3 


Catalyst costs are $19,187/m3 plus $10,000 per installation. 
5costs for compacting and encapsulating spent catalyst in concrete, 


shipping, and disposing of catalyst in a landfill at $627/m3
• 


Catalyst disposal rates are based on replacement of on third of 
total catalyst volume per year. 


6Relative to SNCR to 0.25 lbs/106Btu. 
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All control options are cost effective. Each meets the 
$3,800/ton total cost and $14,000 incremental cost criteria 
established in previous discussion. 


All control options are environmentally feasible. Secondary 
environmental impacts from both SCR and SNCR include the emissions 
of unreacted ammonia. However, ammonia emissions are not a primary 
concern, given that ambient impacts are predicted to be well within 
significant ambient air concentration guidelines. Moreover, the 
anticipated benefits of NOx reduction far outweigh the impacts of 
residual ammonia. 


SCR also produces a small amount of hazardous waste in the 
form of spent catalyst. The catalyst may be rendered non-hazardous 
by compaction and encapsulation in concrete. Solid waste 
generation is expected to average about 12 m3 /yr. This is an 
insignificant amount when compared to the generation of other solid 
wastes from the facility. 


in a 
These 


of the 


Other benefits of applying SCR include a reduction 
precursor to ozone, acid rain, and visibility impairment. 
benefits are of added importance, given the proximity 
project to the James River Face Wilderness Area. 


Given the sum of technical, economic and environmental 
concerns, the Department has determined that an emission limit 
resulting from application of SCR is BACT for the Hadson Power 
project. However, the Department recognizes that this is the first 
application of SCR to a spreader-stoker boiler. To minimize the 
risk involved in technology transfer, the applicant is required to 
design and o~erate to meet an emissions limit of 0.15, rather than 
0.10 lbs/10 Btu. In the event of an unforseen failure or 
deterioration of the SCR system, emissions may exceed the design 
value, but in no event exceed 0.25 lbs/106Btu. Although emissions 
are expected to be significantly lower, the worst-case emission 
limit of 0.25 lbs/106Btu has been used in the air quality analysis. 


Specific requirements are included in the permit to ensure that 
the applicant designs and operates to meet 0.15 lbs/106Btu. SCR 
design specifications must be submitted to the Department for 
approval. Continuous monitors must be installed to measure the 
rate of ammonia injection and the rate of NOx and ammonia 
emissions. The replacement or addition of up to 50 percent of the 
SCR catalyst every three years is required as necessary. The 
design ammonia injection rate must be maintained at all times, 
except in the event of ammonia damage to downstream equipment. 
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voe 
At present, high efficiency combustion is the only accepted 


method for control of voe emissions from coal-fired boilers. 
Natural gas-fired facilities have had limited success in catalytic 
oxidation of voe. In most of these installations, the catalyst has 
been installed for the purpose of oxidizing CO to eo2 • Destruction 
of voe occurs as an added benefit. The catalyst is not cost
effective and is prone to fouling by sulfur and trace element 
compounds found in coal. 


It is the opinion of the Department that Hadson Power will 
make every effort to minimize voe. Low voe emissions indicate 
proper fuel utilization, which is of economic benefit to the 
company. 


For these reasons, the Department accepts Hadson Power' s 
proposal of high efficiency combustion to meet 0.030 lbs/106 Btu. 
Provisions have been made for lowering the limit based on the 
results of emissions testing. The revised emissions limit is 
expected to be 120 percent of the tested value, thus allowing for 
process variations and inaccuracies in testing. 


co 
Recent BAeT determinations for similar sized coal boilers 


range from 0.04 to 0.6 lbs/106 Btu. EPA emission factors, based on 
testing of similar sources indicate emissions of 0.20 lbs/106 Btu. 
An emission limit of 0.20 has been proposed by Hadson Power and is 
appropriate as BAeT. 


H2S04 (Sulfuric Acid Mist) 
Sulfuric acid mist emissions occur from the reaction of sulfur 


compounds and water vapor within the flue gas. Below 250-300°F, 
HzS04 condenses on ash particles or in the form of a fine mist. 


The most effective and practical method of reducing 
emissions is by removing the sulfur compounds prior to the point 
of H2S04 formation. The flue gas desulfurization system proposed 
by Hadson Power is capable of sufficient removal of so2 , among 
other sulfur compounds. The agency has limited information 
concerning the effects of FGD systems on H2S04 emissions, but 
anticipates similar removal efficiencies for H2S04 as so2 • As shown 
in the "Emission Evaluation of Toxic Pollutants" section to follow, 
H2S04 emissions cause no adverse impacts. For these reasons, the 
proposed FGD units are sufficient as BAeT. 


Trace Elements 
All trace elements emitted in measurable quantities, except 


lead are listed in the "Emissions Evaluation of Toxic Pollutants". 
Of these pollutants, only beryllium is subject to PSD review. Most 
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trace metals, such as beryllium and lead, are expected to adhere 
to the surface of flyash particles and be collected by the 
baghouse. A baghouse, as proposed by Hadson Power, provides the 
most efficient means to collect these substances. 


Lead is considered separately from other trace elements 
because it is a criteria pollutant. Lead emissions are estimated 
at 6.3 x 10-6 lbs/106 Btu, 2.4 x l0-4lbs/hr, and 0.001 tons/year. 
This estimate is based on a factor found in EPA AP-42, Appendix E 
and a baghouse collection efficiency of 99. 9 percent. Because 
annual emissions do not trigger PSD review and are below O. 5 
tons/yr, a lead emissions limit does not appear in the draft 
permit. This is consistent with current agency policy that does 
not require permit limits for criteria pollutants having emissions 
less than 0.5 tons/yr. 


Other pollutants, specifically chlorine, fluorides, and 
mercury, may not be captured by the baghouse. Some mercury enters 
the baghouse in liquid form and is subject to a degree of baghouse 
capture. Nevertheless, mercury emissions have been evaluated 
assuming no collection efficiency in order to provide a 
conservative estimate. Both chlorides and fluorides have an 
affinity to combine the calcium ion within the scrubber reagent to 
for a solid. A calcium-based scrubber system provides sufficient 
capture of these elements and is appropriate as BACT. 


Emissions Summary 
Criteria emissions from each of the two primary boilers are 


summarized below (a detailed explanation of these values and the 
emissions calculations are provided in Appendix A) . Annual 
emission limits are based on 8400 hours of maximum operation as 
limited by the draft permit. 


* 


Pollutant lbsLl06Btu lbsLhr tonsLyr 
TSP 0.020 7.6 32 


PM-10 0.018 6.8 29 
* * * NOx 0.25 94.8 398 


S02 0.112 42.3 178 
co 0.20 75.8 318 
voe 0.030 11.4 48 


Represents a worst-case emissions limit in the event of failure or 
marginal performance of the SCR system. Hadson Power is required 
to design and operate the system to achieve NOx emissions of 0.15 
lbs/106Btu, 56.9 lbs/hr, and 239 tons/yr. 
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Auxiliary Boiler 


The combustion of clean-burning fuels is proposed as BACT for 
the auxiliary boiler. Natural gas is expected to serve as primary 
fuel with distillate oil as back-up. The emission rates proposed 
by Hadson Power are given in Reference 34, as listed in Part III 
of the draft permit. All emissions meet NSPS requirements for oil
fired boilers under Subpart De. More stringent fuel sulfur 
requirements have been imposed as BACT. Distillate oil must meet 
per-shipment and annual fuel sulfur limits of 0.3 and 0.2 percent 
by weight, respectively. These requirements are justified by the 
fact that very low sulfur distillate oil is readily available in 
the Buena Vista area and has been required as BACT on similar units 
within the state. 


Operation of the auxiliary boiler is limited to periods when 
both coal boilers are off line, at low loads, or in start-up or 
shutdown. Its function is to maintain steam supply to the host 
facility when the primary boilers are not sufficiently producing 
steam. The auxiliary boiler may operate as much as 8760 hours per 
year in the event that Virginia Power terminates its contract with 
Hadson Power, but is expected to operate only a few hundred hours 
each year. 


Annual emission limits have not been imposed because the limit 
would be based on the scenario of 8760 hours of operation per year. 
Such a limit would not be representative of actual source operation 
and only serve to inflate the agency's emission inventory. For 
this reason, short term emissions have been written for the 
auxiliary boilers alone, while annual emission limits address the 
combined operation of auxiliary and primary boilers. The 
"facility-wide" annual limits are based on the absolute worst case, 
that of the auxiliary boiler operating for 360 hours on distillate 
oil and each primary boiler operating for 8400 hours. Short term 
emission limits have been written for both primary and auxiliary 
fuels. A summary of auxiliary boiler emission limits is given 
below (see Appendix B for supporting calculations). 


Auxiliary Boiler Short-Term Limits 


Natural Gas Distillate Oil 
Pollutant lbsL'.l06Btu lbsL'.106Btu * lbsthr lbsL'.hr tonstyr 


** ** TSP 0.0029 0.18 0.040 2.5 0.45 
** ** PM-10 0.0029 0.18 0.030 1. 9 0. 34 
** ** *** SOz 0.0006 0.04 0.308 19.2 2.3 


NOx 0.065 4.0 0.10 6.2 1.1 
co 0.082 5.1 0.082 5.1 0.92 
voe 0.041 2.6 0.041 2.6 0.47 
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Opacity - 10 percent, except during one six-minute period per hour in 
which visible emissions cannot exceed 20 percent 


* 


** 


Based on 360 hours of operation per year. This represents the 
contribution of the auxiliary boiler during the worst case 
"facility-wide" scenario. 


Emissions are considered negligible. Actual limits do not appear 
in the draft permit. 


*** Annual emissions limit are based 
limit of 0.2 percent by weight, 
emissions limits are based on a 
per shipment. 


on an annual average fuel sulfur 
while lbs/hr and lbs/106 Btu 
fuel sulfur limit of 0.3 percent 


Combined Auxiliary and Primary Boiler Annual Limits 


Pollutant 
TSP 


PM-10 
S02 
NOx 
co 
voe 


tons/yr 
64.5 
58.3 


358.3 
797.1 
636.9 
96.5 


* 


*Represents a worst-case emissions limit in the event of failure or 
marginal performance of the SCR system. Design facility-wide NOx 
emissions are 479.1 tons/yr. 


Materials Handling Equipment 


In general, the Department concurs with the fugitive dust 
emissions controls proposed by Hadson Power. All belt conveyors 
and material transfer points are totally enclosed and controlled 
by wet suppression. In the event that the coal conveyor crossing 
the Maury River is installed, the conveyor is designed such that 
it totally encircles the coal. Other conveyors are covered with 
fabricated metal hoods. All dry materials storage silos are vented 
through a baghouse having a particulate emissions discharge of 0.02 
grains/dscf or less. 


Additional permit conditions have been written to require 
control on fugitive emission points not addressed by Hadson Power. 
The coal crusher, if installed, is totally enclosed and kept within 
a building to reduce emissions. Hadson Power has also agreed that 
if a coal pile is operated, the surface of the coal pile will be 
periodically sprayed with water or surfactant to prevent excessive 
wind erosion. Lime slaker emissions are controlled by a wet 
venturi scrubber and back into the slaker tank - not to atmosphere. 
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Fugitive emissions from materials handling operations have 
been estimated in the draft permit as follows: 


TSP 
PM-10 


lbs/hr 
0.44 
0.43 


Emissions Impacts 


tons/yr 
1. 22 
1. 21 


A complete review of emissions impacts is given in "The 
Virginia Department of Air Pollution Control Air Quality Analysis 
Review for the Hadson Power 14 - Buena Vista Permit" (Document 166, 
Part III of the draft permit). 


EMISSIONS EVALUATION FOR TOXIC POLLUTANTS 


With the exception of ammonia, toxic pollutants originate as 
trace impurities in the fuel and are emitted in relatively small 
quantities. Ammonia emissions are the result of unused reagent 
from the NOx reduction system. The amount of unreacted ammonia 
should be minimal, provided the ammonia injection system is working 
properly. However, impacts are estimated for periods when the 
ammonia system is malfunctioning as well for normal operation. A 
detailed toxic pollutant review including toxic pollutant impacts 
is provided in Appendix c. 


As shown in Appendix c, emissions of the following pollutants 
have been evaluated and are exempt from toxic pollutant review: 


copper arsenic 
cadmium 
chromium 


fluorides (as HF) 
manganese 


nickel 
selenium 
silica 


The following pollutants are emitted in quantities requiring 
toxic pollutant review: 


ammonia 
beryllium 
chlorine (as HCl) 
formaldehyde (CH20) 


mercury 
sulfuric acid (H2S04) 
vanadium (as V20s) 


Toxic pollutant impacts are compared to the agency's 
significant ambient air concentration (SAAC) guidelines below. 







* 
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Pollutant TLV(mg/m3
) Potential Emissions Impact (ug/m3


) SAAC (ug/m3
) 


TWA STEL (lbs/hr) (tons/yr) 1-hour annual 1-hour annual 


Ammonia 17 24 14.2 59.6 34.7 0.69 600 
Ammonia * 17 24 102.1 429 249.8 4.98 600 


Beryllium 0.002 0.0001 0.0004 0.0003 0.00001 0.1 
HCl 7.5 c 2.35 9.88 5.75 0.11 187.5 


CH20 1. 2 2.5 0.129 0.541 0.3153 0.0063 62.5 
Mercury 0.05 0.0036 0.0150 0.0087 0.0002 2.5 


HzS04 1. 0 3.0 1.55 6.52 3.80 0.076 75.0 
V20s 0.05 0.0025 0.0104 0.0061 0.00012 2.5 


Worst-case uncontrolled emissions in the event of SCR malfunction 


Beryllium and formaldehyde are the 
pollutants requiring a toxic pollutant review. 
factors published by the EPA, the resulting 
cancer risk is given below: 


only carcinogenic 
Based on unit risk 


maximum individual 


Pollutant 


Beryllium 
Formaldehyde 


(CH20) 


Annual Impact 
( µg/m3) 


0.00001 
0.0063 


Maximum Individual Risk* 
(One in ... ) 


41,670,000 
12,210,000 


* An estimate of the potential number of excess cancer cases in 
the population exposed to the maximum annual pollutant impact 
over a period of 70 years. 


Toxic emissions are minimal and well dispersed by the boiler 
stacks. As a result, all impacts are well within agency 
guidelines. All individual cancer risks are below one in 1,000,000 
- a value widely accepted as insignificant. As a result, the 
agency does not anticipate the Hadson Power project to result in 
adverse health effects. 


In keeping with agency policy, permit emissions limits have 
been written for those toxic pollutants having an appreciable 
impact or those pollutants that trigger PSD review. For the 
purposes of this analysis, an "appreciable" impact is considered 
5 percent of significant ambient air concentration guideline. 
Under these criteria, toxic emission limits have been written for 
ammonia, beryllium, and sulfuric acid. 


8.5 
8.5 
0.001 


NA 
0.6 
0.025 
0.5 
0.025 
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SPECIAL CONSIDERATIONS 


Odor 
With the exception of ammonia, nearly all materials handled 


at the facility are odorless. Ammonia emissions may result from 
the incomplete SCR reaction or in the unlikely event of a spill or 
leak in the ammonia handling system. Ammonia emissions from the 
SCR system occur through the boiler stack and are expected to be 
well dispersed before reaching ground level. Dispersion modelling 
has been done to predict ambient ammonia concentrations resulting 
from stack emissions under normal operating and worst-case 
conditions. Normal operating emissions are based on the permit 
limit. Worst case conditions occur in the improbable event of a 
malfunction causing all ammonia injected downstream of the boilers 
to become airborne. As shown below, ammonia emissions under both 
conditions are not expected to be odorous. 


Ammonia Emissions* 
Concentration at 


Stack Exit 
Maximum Ambient 1-


hr Concentration 
Odor Detection 


Threshold ** 


Permit Conditions 
14.2 lbs/hr 


25 ppmv 


35 ug/m3 


37, 000 ug/m3 


Maximum Potential 
102 lbs/hr 


180 ppmv 


250 ug/m3 


37, 000 ug/m3 


* From both primary boilers operating at full load. 
** Taken from Compilation of Odor and Taste Detection Threshold 


Values Data, ed. F. A. Fazzalari, American Society for Testing 
and Materials, Philadelphia, Pa., 1978, page 12. 


Modelling has not been done to predict spill or leak 
conditions. However, the potential for a hazardous spill or leak 
of ammonia is minimal. Ammonia spills are not common and, with 
proper systems design, are easy to control. Ammonia handling 
systems have been in operation at a number of cogeneration plants 
in California without causing a nuisance or health threat to the 
public. As a common industrial and agricultural chemical, ammonia 
is widely used at sewage treatment and fertilizer manufacturing 
plants in Virginia. With its affinity to water, ammonia leaks or 
spills are controlled by spraying water onto the effected area. 
The ammonia system includes a storage tank rated for 15,000 gallons 
of anhydrous ammonia at a maximum pressure of 250 psi. Precautions 
are being taken to protect the ammonia storage area from vehicular 
traffic. Other safety precautions include leak detection and 
automatic shut-off valves. 
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Impacts on Visibility, Soils and Vegetation 
Since expertise in these areas is limited, the Department is 


soliciting comments from the Federal Land Managers of the 
Shenandoah National Park and James River Face Wilderness. The Land 
Managers' review is received as part of the public participation 
process. Both Land Managers are given 60 days to review all 
pertinent data prior to the close of the public comment period. 
A validated determination of adverse impact by either Land Manager 
may necessitate additional action on the part of the Department. 


Host Boiler Shutdown 
Hadson Power is negotiating an agreement that would require 


Georgia Bonded Fibers to shutdown their existing boilers following 
startup of the Hadson Power facility. Shutdown of the host boilers 
will offset 114. 2 tons/year of so2 and 44. 1 tons/yr of NOx 
emissions. These offsets have been included in Hadson Power's air 
quality analysis. 


Provisions to enforce the emissions offset are stated in 
Specific Condition 38 of the draft permit. Except for a 90-day 
"shakedown" period, Hadson Power has committed not to operate 
concurrently with the boilers at Georgia Bonded Fibers. 


In the event of concurrent operation, Hadson Power is not 
considered in violation of the draft permit provided that the 
facility has been demonstrated by air dispersion modelling not to 
cause or significantly contribute to violations of air increments 
or ambient air quality standards. This demonstration must have 
been made prior to the date of concurrent operation. 


The Department intends to enforce the shutdown of the host 
boilers through a consent agreement and order or operating permit 
with Georgia Bonded Fibers. EPA policy requires that the permit 
or consent agreement with Georgia Bonded Fibers be effective before 
the Hadson Power facility commences operation. 


Aqualon company Emissions Rights 
At the request of the applicant, the Department has included 


a statement in the draft permit that Hadson Power intends not to 
operate concurrently with the existing boilers at the Aqualon 
Company in Hopewell, Virginia. In a business agreement between the 
two parties, Hadson Power has purchased half of the emissions 
rights resulting from a permanent shutdown of the Aqualon boilers. 
Permanent shutdown of those boilers occurred in 1990 when Hopewell 
Cogen, Incorporated began supplying steam to the Aqualon Company 
for sale. In the two years prior to Hadson Power's permit 
application of 1988, emissions from the Aqualon boilers averaged 
2,520 tons/yr of so2 and 360 tons/yr of NOx. 
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It should be noted that these emissions rights are not being 
used as creditable offsets in any regulatory action by the Virginia 
Department of Air Pollution Control. Accordingly, they have not 
been included in air quality analysis for the Buena Vista facility. 
However, Hadson Power may use these emissions rights in negotiating 
with other state and federal agencies. 


Other Site-Specific Concerns 
The City of Buena Vista has issued a special use permit 


governing land-use and other local nuisances not related to air 
pollution. Such issues include aesthetics, noise, safety, and 
vehicular traffic. These matters are regulated by the city of 
Buena Vista and are not within the jurisdiction of the Department 
of Air Pollution Control. 


Nuisance concerns which are governed by the Department include 
nuisance from fugitive dust and air emissions from vehicular 
traffic. Dust emissions should be minimal, provided the conditions 
of the draft permit are met. Emissions from vehicular traffic 
associated with the facility are also expected to be minimal. On
site vehicular traffic emissions, as estimated by Hadson Power, do 
not exceed 1 ton/yr for any criteria pollutant (see Document 162, 
Part III of the draft permit). The information submitted by Hadson 
Power suggests that the plant requires one lime truck, six ash 
trucks, personal vehicles for 25 employees and plant visitors, and 
either one train locomotive or up to 40 coal trucks each day. 


Emissions Testing 
The draft permit requires that emissions testing be done in 


both primary coal boilers for opacity, so2 , NOx, co, voe, ammonia, 
beryllium, and particulate matter. The details of whether the 
permittee will test for PM-10, TSP or both are to be arranged with 
the Department prior to the test. The results of surrogate testing 
may be submitted in lieu of beryllium testing at the Buena Vista 
facility. The Department has given Hadson Power the option of 
providing acceptable beryllium tests from any of their four 
Virginia locations. so2 testing is to be done before and after the 
lime injection system to demonstrate compliance with control 
efficiency requirements. Other pollutants must be tested beyond 
the control equipment. Opacity is to be evaluated by Department 
personnel using EPA Method 9. 


In order to establish an achievable emissions limit, the 
Department is also requiring emissions testing for voe in both 
primary coal boilers. As mentioned in the "Emissions Evaluation" 
section, voe emission limits may be adjusted downward according to 
test results. 
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Fuel Sampling 
Fuel sampling must be done to determine the sulfur content of 


distillate oil. The permittee has the option of sampling on site 
or obtaining a certified oil sample from the fuel supplier for each 
shipment of oil. 


On-site coal sampling is not required. Sufficient data to 
enforce so2 emissions limits is provided by the SOz emission 
monitors. 


Continuous Emissions Monitoring 
NSPS Subpart Da requires continuous emissions monitoring for 


opacity, flue gas so2 concentration before and after the spray 
dryer, and NOx. Each so2 and NOx monitor must be collocated with 
a co2 or 0 2 monitor to measure dilution air. Hadson Power is also 
required to demonstrate SCR system performance by monitoring the 
ammonia emissions rate and the rate of ammonia injected into the 
SCR system on each boiler. 


The opacity monitoring system may be installed in the exhaust 
stack common to the two primary boilers. Otherwise, the applicant 
is required to monitor emissions separately from each coal boiler. 


All continuous emissions monitors must meet the requirements 
for performance testing and data capture as specified in 40 CFR 60. 
40 CFR 60 also requires that so2 and NOx emissions rate be 
displayed in terms of pounds pollutant emitted per million Btu heat 
input. This should aid plant and agency personnel in determining 
compliance with permit conditions. 


Reporting Requirements 
Hadson Power is required to submit information to the Region 


II Office concerning the following: 


plant construction 
- quarterly construction progress reports 


milestone dates 
- notification of the date on which construction commences 


notification of the anticipated startup date of each primary 
and auxiliary boiler 
notification of the actual startup date of each boiler 
notification of the anticipated date of stack testing of the 
primary boiler 
notification of the anticipated date of the visible emissions 
evaluation of the auxiliary boiler 
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emissions testing 
- results of emissions testing in a format specified by the 


Department 


continuous emissions monitors 
notification prior to the demonstration of continuous 
monitoring system performance 


- test data from the initial performance evaluation of the 
continuous monitors 


fuel quality (to be included in a quarterly report) 
- quarterly summaries of fuel sulfur analyses for each shipment 


of distillate oil 


SCR system design 
- SCR system design specifications 


SCR system operations (to be included in a quarterly report) 
- each replacement or addition of SCR catalyst 
- a summary of ammonia injection rates 


excess emissions (to be included in a quarterly report) 
- each 3-hr rolling so2 emissions rate in excess of O .112 


lbs/106Btu 
each 30-day rolling so2 removal rate below 93.0 percent, 
each 30-day rolling NOx emissions rate in excess of 0.15 
lbs/106Btu, 
each six-minute period of excess opacity 


Public Hearing 
Because the facility is subject to PSD regulation, it is 


subject to the public participation requirements under §120-08-02 
R.2.b-h of State Regulations and a public hearing is therefore 
required. We have scheduled a hearing date of February 3, 1992. 
The public comment period is scheduled to begin on January 4, 1992. 


RECOMMENDATION 


We recommend that approval to proceed with the public hearing 
be given by the Director, Division of Technical Evaluation. 


PREPARED BY: a . ~ J 
Andrew A. Hetz, S~f=o~"g;ir!#mental Engineer, Region II 


APPROVED BY: {f4;~f'~.d.4~~ 
Donald L. Shepherd, Director, R€gion II ~ 
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General 


Assumptions 
Calculations are given for each of two primary boilers. 


- Boiler Heat Input Capacity - 379 x 106Btu/hr per boiler 
Each primary boiler is limited to 8400 hours of operation per 
year. 
Each primary boiler consumes 15.11 tons (30,220 pounds) of 
coal per hour based on an average heating value of 12,538 
Btu/lb 


Assumptions 
- TSP emissions limit of 0.020 lbs/106Btu has been determined as 


BACT. 


Emissions Calculations 
379 x 106Btu/hr x 0.020 lbs/106Btu = 7.6 lbs/hr 
7.6 lbs/hr x 8400 hrs/yr/ 2000 lbs/ton= 32 tons/yr 


PM-10 


Assumptions 
- PM-10 emissions limit of 0.018 lbs/106Btu has been determined 


as BACT. 


Emissions Calculations 
379 x 106Btu/hr x 0.018 lbs/106Btu = 6.8 lbs/hr 
6.8 lbs/hr x 8400 hrs/yr / 2000 lbs/ton = 29 tons/yr 


Assumptions 
- Maximum Fuel Sulfur Content - 1.0 percent, by weight 
- S02 removal rate of 93.0 percent using a dry scrubber has been 


determined as BACT. 
- 100 percent of the sulfur in the fuel is converted to so2 upon 


combustion. 


Emissions Calculation 
Uncontrolled so2 Emissions 


30,220 lbs coal/hr x 0.010 lb S/lb coal x 2 lbs S02/lb coal 
= 604.4 lbs/hr 


Controlled so2 Emissions 
604.4 lbs/hr x (1-0.93) = 42.3 lbs/hr 
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Assumptions 
- A worst-case NOx emissions 


determined as BACT. 
A design emissions limit 
determined as BACT 


Emissions Calculations 
Worst-Case Permit Limit 


limit of 0.25 lbs/106Btu has been 


of 0.15 lbs/106Btu has been 


379 x 106Btu/hr x 0.25 lbs/106Btu = 94.8 lbs/hr 
94.8 lbs/hr x 8400 hrs/yr / 2000 lbs/ton = 398 tons/yr 


Design Emissions Limit 
379 x 106Btu/hr x 0.15 lbs/106Btu = 56.9 lbs/hr 
56.9 lbs/hr x 8400 hrs/yr / 2000 lbs/ton = 239 tons/yr 


Assumptions 
- co emissions limit of 0.020 lbs/106Btu has been determined as 


BACT. 


Emissions Calculations 
379 x l06Btu/hr x 0.020 lbs/106Btu = 75.8 lbs/hr 
75.8 lbs/hr x 8400 hrs/yr / 2000 lbs/ton = 318 tons/yr 


Assumptions 
- voe emissions limit of 0.030 lbs/106Btu has been determined 


as BACT. 


Emissions Calculations 
379 x 106Btu/hr x 0.030 lbs/106Btu = 11.4 lbs/hr 
11.4 lbs/hr x 8400 hrs/yr/ 2000 lbs/ton= 48 tons/yr 
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General 


Assumptions 
- Boiler Heat Input Capacity - 62.25 x 106Btu/hr 
- Distillate oil consumption rate is 444.6 gal/hr based on a 


nominal distillate oil heating value of 140,000 Btu/gallon. 
- Worst-case, facility-wide annual emissions occur for each of 


two primary boilers operating for 8400 hours per year and the 
auxiliary boiler operating 360 hours per year. 


Hourly Emissions 


Assumptions 
- TSP emissions are negligible while firing natural gas, 0.040 


lbs/106Btu while firing distillate oil. 


Emissions Calculations 
Natural Gas 


Negligible 
Distillate Oil 


62.25 x 106Btu/hr x 0.040 lbs/106Btu = 2.5 lbs/hr 


PM-10 


Assumptions 
- PM-10 emissions are 75% of TSP. 


Emissions Calculations 
Natural Gas 


Negligible 
Distillate Oil 


2.5 lbs/hr x 0.75 = 1.9 lbs/hr 


Assumptions 
- Maximum Fuel Sul fur Content - o. 3 percent, by weight per 


shipment 
- S02 emissions factor for combustion of distillate oil of 143.6 


x (%Sulfur) lbs/1000 gallons. so2 emissions are negligible 
for combustion of natural gas. 


Emissions Calculation 
Natural Gas 


Negligible 
Distillate Oil 


444.6 gal/hr/ 1000 gal/hr x 143.6 (0.3) lbs S02/1000 gal 
= 19.2 lbs/hr 


19.2 lbs/hr / 62.25 x 106Btu/hr = 0.308 lbs/106Btu 
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Assumptions 
- NOx emissions are 0.065 lbs/106Btu while firing natural gas, 


0.10 lbs/106Btu while firing distillate oil. 


Emissions Calculations 
Natural Gas 


62.25 x 106Btu/hr x 0.065 lbs/106Btu = 4.0 lbs/hr 
Distillate Oil 


62.25 x 106Btu/hr x 0.10 lbs/106Btu = 6.2 lbs/hr 


Assumptions 
- CO emissions are 0.082 lbs/106Btu while firing both natural 


gas and distillate oil. 


Emissions Calculations 
Natural Gas 


62.25 x 106Btu/hr x 0.082 lbs/106Btu = 5.1 lbs/hr 
Distillate Oil 


62.25 x 106Btu/hr x 0.082 lbs/106Btu = 5.1 lbs/hr 


Assumptions 
- voe emissions are 0.041 lbs/106Btu while firing both natural 


gas and distillate oil. 


Emissions Calculations 
Natural Gas 


62.25 x 106Btu/hr x 0.041 lbs/106Btu 2.6 lbs/hr 
Distillate Oil 


62.25 x 106Btu/hr x 0.041 lbs/106Btu = 2.6 lbs/hr 


Total Facility Annual Emissions 


TSP 
Assumptions 


- Each primary coal boiler emits 32 tons TSP/yr based on 8400 
hours/yr of operation (see Appendix A). 


Emissions Calculations 
(2 x 32) + (360 hours/yr x 2.5 lbs/hr/ 2000 lbs/ton) 
= 64.5 tons/yr 
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PM-10 


Assumptions 
- Each primary coal boiler emits 29 tons PM-10/yr based on 8400 


hours/yr of operation (see Appendix A). 


Emissions Calculations 
(2 x 29) + (360 hours/yr x 1.9 lbs/hr / 2000 lbs/ton) 
= 58.3 tons/yr 


Assumptions 
- Each primary coal boiler emits 178 tons S02/yr based on 8400 


hours/yr of operation (see Appendix A). 
Maximum Fuel Sulfur Content - 0.2 percent, by weight on an 
annual basis 
so2 emissions factor for combustion of distillate oil of 143.6 
x (%Sulfur) lbs/1000 gallons. 


Emissions Calculations 
(2 x 178) + (360 hours/yr x 444.6 gal/hr / 1000 gal 
x 143.6 (0.2) lbs SOz/1000 gal/ 2000 lbs/ton) 
= 358.3 tons/yr 


Assumptions 
- Each primary coal boiler emits a worst-case maximum of 398 


tons NOx/yr based on 8400 hours/yr of operation (see Appendix 
A) • 


- Each boiler has a design NOx emissions rate of 239 tons NOx/yr 
based on 8400 hours/yr of operation (see also Appendix A). 


Emissions Calculations 
Worst-Case Permit Limit 


(2 x 398) + (360 hours/yr x 6.2 lbs/hr / 2000 lbs/ton) 
= 797.1 tons/yr 


Design Emissions Rate 
(2 x 293) + (360 hours/yr x 6.2 lbs/hr / 2000 lbs/ton) 
= 479.1 tons/yr 







PERMIT ENGINEERING ANALYSIS - HADSON POWER 14 - BUENA VISTA 
APPENDIX B - AUXILIARY BOILER EMISSIONS CALCULATIONS 


- Page 4 


Assumptions 
- Each primary coal boiler emits 318 tons CO/yr based on 8400 


hours/yr of operation (see Appendix A). 


Emissions Calculations 
(2 x 318) + (360 hours/yr x 5.1 lbs/hr / 2000 lbs/ton) 
= 636.9 tons/yr 


Assumptions 
- Each primary coal boiler emits 48 tons VOC/yr based on 8400 


hours/yr of operation (see Appendix A) . 


Emissions Calculations 
(2 x 48) + (360 hours/yr x 2.6 lbs/hr / 2000 lbs/ton) 
= 96.5 tons/yr 
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HADSON POWER 14 - BUENA VISTA 
- Primary Boiler Non-Criteria Pollutant Emissions 


Emissions Given for Total of Two Primary Boilers 


Pollutant Uncontrolled 
Emission Factor 


Units Reference Uncontrolled Control Control 
Emisns (lbs/hr) Efficiency (%) Method 


Potential to Emit 
(lbs/hr) (tons/yr) 


Ammonia 
Arsenic 


Beryllium 
Cadmium 


Chlorine 
(as HCl) 
Chromium 


Copper 
Flour ides 


Formaldehyde 
Manganese 


Mercury 
Nickel 


Selenium 
Silica 


Sulfuric Acid 
Vanadium 
(as V205) 


References: 
( 1) 
( 2) 


( 3) 


( 4) 


( 5) 


25 ppmv gas (1) 14.200000 NA none 14.200000 59.640000 
0.000264 lbs/MMBtu (2) 0. 200112 99.9 baghouse 0.000200 0.000840 


0.00014 lbs/MMBtu (3) 0.106120 99.9 baghouse 0.000106 0.000446 
0.000021 lbs/MMBtu ( 2) 0.015918 99.9 baghouse 0.000016 0.000067 


362 ppmw coal ( 4) 22.866333 90.0 scrubber 2.286633 9.603860 
23.515737 2.351574 9.876610 


0.00388 lbs/MMBtu ( 2) 2.941040 99.9 baghouse 0.002941 0.012352 
0.000448 lbs/MMBtu ( 2) 0.339584 99.9 baghouse 0.000340 0.001426 
0.000023 lbs/MMBtu ( 3) 0.017434 90.0 scrubber 0.001743 0.007322 


0.00017 lbs/MMBtu (5) 0.128860 0 none 0.128860 0.541212 
0.00231 lbs/MMBtu ( 2) 1. 750980 99.9 baghouse 0.001751 0.007354 


0.0000047 lbs/MMBtu ( 3 ). 0.003563 0 none 0.003563 0.014963 
0.00129 lbs/MMBtu ( 2) 0.977820 99.9 baghouse 0.000978 0.004107 


3.2 ppmw coal ( 4) 0.202133 99.9 baghouse 0.000202 0.000849 
5.2 lbs/MMBtu ( 1) 3941.600000 99.9 bag house 3.941600 16.554720 


0.0205*(%S) lbs/MMBtu ( 3) 15.515502 90.0 scrubber 1.551550 6. 516511 
22.0 ppmw coal ( 4) 1. 389667 99.9 baghouse 0.001390 0.005837 


2.480555 0.002481 0.010418 


Engineering Estimates (See attached calculations) 
Estimating Air Toxics Emissions from Coal and Oil Combustion Sources, Radian/EPA, April, 1989. 
EPA-450/2-89-001. 
Health Impacts, Emissions, and Emissions Factors for Non-Criteria Pollutants Subject to De Minimus 
Guidelines and Emitted from Stationary Conventional Combustion Processes, TRW Environmental 
Engineering/EPA June, 1980. PB80-221237. 
Analysis of Virginia Coal Samples Collected 1979-1980, Henderson etal., Virginia Department of 
Mines, Minerals, and Energy/Division of Mineral Resources. 
Toxic Air Pollutant Emission Factors, EPA, 1988. EPA-450/2-88-006a. 
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HADSON POWER 14 - BUENA VISTA 


Toxic Pollutant Compliance Determination 


Pollutant TLV(mg/m3) Emissions Impact(ug/m3)* SAAC(ug/m3) Impact/SAACx100 (%) 


TWA STEL (lbs/hr) (tons/yr) 1-hour annual 1-hour annual 1 -hour annual 


Ammonia 17 24 14.20000 59 .6t~ooo 34.7!t74 0.69182 600.0 8.500 5. 79 % 8. 14 % 


Beryllium 0.002 - 0. 00011 0.00045 0.0003 0.00001 0. 1 0.001 0.26 % 0. 52 % 


Chlorine (HCl). 7. 5 c - 2.35157 9.87661 5.7543 0.11457 187.5 NA 3 .07 % NA % 


Formaldehyde 1. 2 2.5 0 .12886 0.54121 0.3153 0.00628 62.5 0.600 0.50 % 1. 05 % 


Mercury 0.05 - 0.00356 0.01496 0.0087 0.00017 2.5 0.025 0.35 % 0.69 % 


Sulfuric Acid 1.0 3.0 1.55155 6.51651 3.7966 0.07559 75.0 0.500 5 .06 % 15.12% 


Vanadium (\/205) 0.05 - 0.00248 0. 01042 0.0061 0.00012 2.5 0.025 0.24 % 0 .48 % 


* Based on a 1-hour and annual X/Q of 2.447 ug/m3//lb/hr and 0.0116 ug/m3//ton/yr respectively 
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HADSON POWER 14 - BUENA VISTA 
Toxic Pollutant Exemption Determination 
Emissions Given for Total of Two Primary Boilers 


Pollutant Priority TLV (mg/m3) Exemption Rate Potential to Emit Exempt 
Pollutant? TWA STEL (lbs/hr) (tons/yr) (lbs/hr) (tons/yr) ? 


Ammonia yes 17 24 0.792 2.465 14.20000 59.64000 no 
Arsenic yes 0.2 - 0.0132 0.029 0.00020 0.00084 yes 


Beryllium yes 0.002 - 0.000132 0.00029 0.00011 0.00045 no 
Cadmium yes 0.05 c - 0.00165 NA 0.00002 0.00007 yes 


Chlorine (HCl) yes 7.5 c - 0.2475 NA 2.35157 9.87661 no 
Chromium yes 0.5 - 0.033 0.0725 0.00294 0.01235 yes 


Copper yes 0.2 - 0.0132 0.029 0.00034 0.00143 yes 
Flour ides (HF) yes 2.6 c - 0.0858 NA 0.00174 0.00732 yes 


Formaldehyde yes 1. 2 2.5 0.0825 0.174 0.12886 0.54121 no 
Manganese yes 1. 0 3.0 0.099 0.145 0.00175 0.00735 yes 


Mercury yes 0.05 - 0.0033 0.00725 0.00356 0.01496 no 
Nickel yes 0.1 - 0.0066 0.0145 0.00098 0.00411 yes 


Selenium yes 0.2 - 0.0132 0.029 0.00020 0.00085 yes 
Silica no 0.1 - 0.0066 0.0145 3.94160 16.55472 yes 


Sulfuric Acid yes 1. 0 3.0 0.099 0.145 1.55155 6.51651 no 
Vanadium (V205) yes 0.05 - 0.0033 0.00725 0.00248 0.01042 no 
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I. INTRODUCTION AND OVERVIEW 


A. Information Required for the Expert Report 


The following is a listing of the items required by the Federal Rules of Civil Procedures provided 
with this report: 


(1) This report contains my opinions, conclusions and the reasons therefor. 


(2) Exhibits and tables in summary of, or in support of, these opinions are included 
with this report in Appendix A. 


(3) The body of the report and Appendix B list the data and other information 
considered in forming these opinions. 


(4) Appendix C includes a listing of publications authored during the past ten years. 


(5) Section III presents a statement of my qualifications; my resume is attached as 
Appendix D. 


( 6) lam being compensated for the preparation of this report and my testimony as a 
normal part of my compensation as an employee of the US EPA. 


(7) I have not provided previous testimony within the preceding four years as an 
expert at trial or by deposition. 


B. Purpose of Report 


This report is written pursuant to a request from the Department of Justice for an analysis of what 
controls should have been installed at the Baldwin Station when the Prevention of Significant 
Deterioration (PSD) regulations were triggered at each unit, as alleged in the United States' 
Amended Complaint. Under§ 165 of the Clean Air Act ("C.A.A.") (42 U.S.C. § 7475), the 
permitting requirements triggered by the major modifications undertaken at the Baldwin Units 
would have included a requirement that Illinois Power Company (lPC) install the "Best 
Available Control Technology" (BACT). This report explains what BACT would have been -
for sulfur dioxide (S02), nitrogen oxides (NOx) and particulate matter (PM) -- at Unit 1 in 1985, 
Unit 2 in 1988, and Unit 3 in 1982, when PSD was allegedly triggered. In addition, it is EPA's 
policy that a source that is in violation because it constructed or modified without a proper 
preconstruction permit must install controls that constitute BACT when the proper permit is 
finally issued)' Therefore, this report also makes a determination of BACT for all units as if 


11 Office of Air Quality Planning and Standards, U.S. EPA, New Source Review Workshop 
Manual: Prevention of Significant Deterioration and Nonattainment Area Permitting (Draft Oct. 
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permits were being issued as of the date this report is submitted. 


II. Summary of Conclusions 


In summary, and for the reasons described herein, I have concluded that the following emission 
rates and technologies would have been BACT for the pollutants at issue, and the Baldwin 
Station Units at issue, in the time frames specified below. 


SO,_ NO, PM 


1982 (Unit 3} 0.30 pounds per 0.40 pounds per 0.036 pounds per 
million BTU, based on million BTU, based on million BTU, 99.4% 
95% scrubbing and use of Low NO, control, based on use 
assuming coal with a 3- Burners. of (then existing) ESP 
3 .5% sulfur content, Averaging time: Averaging time: 
and use of a wet 3 hour 3 hour 
limestone scrubber Monitored via CEMS Monitored via EPA 
Averaging time: method 5;¥, opacity 
30 day rolling monitor 
Monitored via CEMS~ 


1985 <Unit l} 0.30 pounds per 0.90 pounds per 0.003 pounds per 
million BTU, based on million BTU, based on million BTU, based on 
95% scrubbing and use of selective use of a baghouse 
assuming coal with a 3- catalytic reduction Averaging time: 
3.5% sulfur content, Averaging time: 3 hour 
and use of a wet 3 hour Monitored via EPA 
limestone scrubber Monitored via CEMS method 5, opacity 
Averaging time: monitor 
30 day rolling 
Monitored via CEMS 


1990), page B.55: "the BACT emission limit in a new source permit is not set until the final 
permit is issued." 


Y Continuous Emissions Monitoring System 


Ji See 40 C.F.R 60 Appendix A 
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1988 (Unit 2} 0.30 pounds per 0.36 pounds per 0.003 pounds per 
million BTU, based on million BTU, based on million BTU, based on 
95% scrubbing and use of selective use of a baghouse 
assuming coal with a 3- catalytic reduction Averaging time: 
3.5% sulfur content, Averaging time: 3 hour 
and use of a wet 3 hour Monitored via EPA 
limestone scrubber Monitored via CEMS method 5, opacity 
Averaging time: monitor 
30 day rolling 
Monitored via CEMS 


2002 (Units 1 & 2} 0.095 pounds per 0.14 pounds per 0.006 pounds per 
million BTU, based on million BTU, based on million BTU, based on 
95% scrubbing, and use of overtire air, use of a baghouse 
assuming use of coal selective catalytic Averaging time: 
with 0.6% sulfur reduction, and an 3 hour 
content optimization system Monitored via EPA 
Averaging time: Averaging time: method 5, triboelectric 
30 day rolling 3 hour broken bag monitors 
Monitored via CEMS Monitored via CEMS 


2002 <Unit 3} 0.095 pounds per 0.020 pounds per 0.015 pounds per 
million BTU, based on million BTU, based on million BTU, based on 
95% scrubbing, and use of low-NO, use of a ESP. 
assuming use of coal burners, selective Averaging time: 
with 0.6% sulfur catalytic reduction, and 3 hour 
content an optimization system. Monitored via EPA 
Averaging time: Limit may be adjusted method 5, PM CEMS~ 
30 day rolling as high as 0.040 
Monitored via CEMS pounds per million 


BTU if lower limit is 
demonstrated to be 
unachievable. 
Averaging time: 
3 hour 
Monitored via CEMS 


III. Qualifications 


I have been involved in BACT decisions in a variety of capacities at EPA's Region 9 for over 
twenty one years. I began work for EPA Region 9 in 1980 as a staff engineer in the New Source 
Section of what was then called the Enforcement Division. The primary function of this section 


~ See http://www.epa.gov/ttn/emc/propperf/ps-1 l&frnotice.pdf, proposed Performance 
Specification for Continuous PM Monitoring Systems. 
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was to perform analyses, including control technology (i.e. BACT) analyses necessary for the 
issuance of PSD permits, and to oversee the issuance of PSD and nonattainment NSR permits by 
State and local agencies I conducted technical analyses on a variety of PSD sources, including 
powerplants, cement plants, and waste-to-energy plants. I also reviewed BACT and Lowest 
Achievable Emission Rate (LAER) analyses conducted by state and local agencies in Region 9 
(these include agencies in California, Nevada, Arizona and Hawaii). In 1987, I co-authored 
Region 9's Best Available Control Technology Guidance Document, which laid out a 
methodology for use primarily by permit applicants, their consultants, and state and local 
permitting authorities for conducting a BACT determination. Beginning in about 1987, I spent 
approximately one year in our enforcement office, focusing on two cases involving coal-fired 
powerplants in Arizona and Nevada: Nevada Power-Reid Gardner and Arizona Public 
Service-Cho Ila. In 1989, I became the manager of the New Source Section. I managed the 
Region's work in permitting new and modified air pollution sources, as well as overseeing the 
permit issuance work of our state and local agencies. In addition, my group had the responsibility 
for review and action on permit rules submitted to EPA for inclusion in the State Implementation 
Plan, as well as reviews of state programs to determine-after the fact-the efficacy of their 
permitting programs, including their BACT reviews. In 2000, I began a one-year assignment as 
Associate Director of the Air Division. One of my responsibilities was managing the Region's 
response to the western energy shortage, a responsibility I continued when I became the Region's 
Senior Energy Advisor, the position I currently hold. One responsibility of my current position is 
to advise staff in the Permits Office on decisions related to powerplants, including BACT 
decisions. 


I speak frequently on Clean Air Act issues. During the past ten years, I have spoken to groups 
such as the environmental section of the Arizona Bar Association, the annual environmental 
section conference of the California Bar Association, and numerous industry conferences, such as 
several sessions of the Summer Issues Seminar of the California Council for Environmental and 
Economic Balance, a company-wide conference of Granite Construction, the 2000 CADER 
Distributed Generation Conference, the 1999 Utility Environmental Conference, and others. 
Most of my talks were solely or primarily about New Source Review and the control technology 
requirement (BACT and LAER) under the NSR regulations. I have also created and presented 
New Source Review training courses for several audiences. In about 1991, staff under my 
direction and I created and presented a comprehensive (2-3 day) New Source Review training for 
Region 9's 44 state and local permitting authorities. About 150 people attended four training 
sessions. That training was followed by internal training of about 50 EPA Region 9 staff. 
Between about 1994 and 1997, I presented several short (several-hour) new source review 
training modules as part of a larger University of California extension course about the Clean Air 
Act. Most recently (March 2001), I was invited to present a paper to the second conference of the 
European Union nations on NOx and N20 control ("NOxCONF 2001 ").My paper was titled NOx 
Emissions Controls at Refineries: US Regulatory Drivers and Results. 
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IV. What is BACT? 


When a new major source of air pollution is proposed to be constructed, or when an existing 
major source is modified in such a manner that its emissions will be increased by a significant 
amount, a permit is required from EPA or a Statd' authorized under the New Source Review 
("NSR") program. Because the Baldwin plant is located in an area that is in attainment of the 
National Ambient Air Quality Standards for the pollutants at issue here, NSR regulations for 
attainment areas, known as the Prevention of Significant Deterioration ("PSD") regulations 
apply.§' State-of-the-art-emissions controls, known as Best Available Control Technology 
("BACT") are one of the key requirements of the PSD permit. 


BACT is defined as: 


"an emissions limitation (including a visible emission standard) based on the maximum 
degree of reduction for each pollutant subject to regulation under [the Clean Air Act] which 
would be emitted from any proposed major stationary source or major modification which the 
Administrator, on a case-by-case basis, taking into account energy, environmental, and 
economic impacts and other costs, determines is achievable for such source or modification 
through application of production processes or available methods, systems, and techniques, 
including fuel cleaning or treatment or innovative fuel combustion techniques for control of 
such pollutant. In no event shall application of best available control technology result in 
emissions of any pollutant which would exceed the emissions allowed by any applicable 
standard under 40 CFR Parts 6()11 and 61. If the Administrator determines that technological 
or economic limitations on the application of measurement methodology to a particular 
emissions unit would make the imposition of an emissions standard infeasible, a design, 
equipment, work practice, operational standard, or combination thereof, may be prescribed 
instead to satisfy the requirement for the application of best available control technology. 
Such standard shall, to the degree possible, set forth the emissions reduction achievable by 
implementation of such design, equipment, work practice or operation, and shall provide for 


?I In this context, "state" may mean a state agency, or a local agency authorized under state law 
and federal regulations to carry out air pollution control functions. 


§' These regulations are codified at 40 C.F.R. § 52.21, and are incorporated into the Illinois PSD 
program. Definitions of the terms "major source," "major modification," and "significant" can 
be found in these regulations. 


71 40 C.F.R. Part 60 is generally known as New Source Performance Standards. This section 
requires a minimum, uniform level of control technology for new or modified construction of 
categories of sources of air pollution, such as coal fired powerplants, petroleum refineries, pulp 
mills and the like. 
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compliance by means which achieve equivalent results."V 


In a typical BACT process, the applicant performs an analysis that is then submitted to a 
permitting authority, typically a state or local air pollution control agency. The applicant must 
submit information supporting its proposal, including information specific to its proposed plant, 
as well as information about other facilities and other BACT determinations it believes are 
relevant. That agency reviews the proposal, asks for clarifying information from the applicant, 
gathers information independently, and then proposes a permit that contains its own independent 
review, analysis and proposed BACT decision. The public, including the applicant, the public at 
large, and EPA then have an opportunity to review and comment on the proposed decision by the 
permitting authority. After the close of the comment period, the permitting authority reviews all 
comments, modifies the proposed decision (where appropriate) based on its analysis of the 
comments, and issues a permit containing emission limits and control technologies that reflect its 
BACT decision. The permit should also contain monitoring and testing requirements to ensure 
that the BACT limit is attained on an ongoing basis. 


The BACT analyses contained in this report are, by necessity, different from most in several 
respects. A typical BACT analysis is conducted before construction of a new source or 
modification has begun; because Illinois Power failed to obtain timely PSD permits prior to its 
construction of changes that triggered BACT, this analysis is being conducted after the 
modifications at the Baldwin powerplant have been completed. Also, my analysis is based largely 
on my own research, because Illinois Power has not, to date, submitted a BACT analysis to 
review.~ 


V. The Typical BACT Determination Process 


Over the years, EPA has issued policy guidance on the BACT process several times. Most 
notably, EPA published in 1980 the Prevention of Significant Deterioration Workshop Manuaf, l!l' 


§' 40 C.F.R. § 52.21(b){l2). 


~ In addition to my own research, I cite below to the work of Ellison Consultants, who have 
performed a review of the historical installation of technologies, and to the work of staff in 
EPA's Office of Air Quality Planning and Standards, who have performed a review of the cost
effectiveness of certain technologies, at my request. See Attachments 1 and 2. The information 
contained in these reports, which I have reviewed and agree with, is among the types of 
information that might be submitted by an applicant, or presented by another permitting 
authority. Just as in a traditional BACT analysis, I have utilized this data in reaching the BACT 
determinations described herein . 


.ill Leigh Hayes, et al, TRW Incorporated, Prevention of Significant Deterioration Workshop 
Manual (Oct. 1980) EPA 450/2-80-081. 
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and in 1990 published the New Source Review Workshop Manual ( draft),lY accompanied by the 
"Top-Down" Best Available Control Technology Guidance Document.111 Also, EPA's Region 9 
office published, in about 1987, its BACT Guidance DocumentP The following description 
reflects the process generally used to perform a BACT analysis today. 


During each BACT analysis, which is done on a case-by-case basis, the reviewing authority 
evaluates the energy, environmental, economic and other costs associated with each alternative 
technology, and the benefit ofreduced emissions that the technology would bring. The 
reviewing authority then specifies an emissions limitation for the source that reflects the 
maximum degree ofreduction achievable for each pollutant regulated under the Act. In no event 
can a technology be selected which would not meet any applicable standard of performance 
under 40 C.F.R. Parts 60 (New Source Performance Standards) and 61 (National Emission 
Standards for Hazardous Air Pollutants). 


In brief, the process provides that all available control technologies be ranked in descending 
order of control effectiveness. The PSD applicant first examines the most stringent--or 
"top"--alternative. That alternative is established as BACT unless the applicant demonstrates, 
and the permitting authority in its informed judgment agrees, that technical considerations, or 
energy, environmental, or economic impacts justify a conclusion that the most stringent 
technology is not "achievable" in that case. If the most stringent technology is eliminated in this 
fashion, then the next most stringent alternative is considered, and so on. This is known as the 
"top-down" process. 


The first step in a "top-down" analysis is to identify, for the emissions unit in question, all 
"available" control options. Available control options are those air pollution control technologies 
or techniques with a practical potential for application to the emissions unit and the regulated 
pollutant under evaluation. Air pollution control technologies and techniques include the 
application of production process or available methods, systems, and techniques, including clean 
fuels, fuel cleaning or treatment or innovative fuel combustion techniques for control of the 
affected pollutant. This analysis includes a review of technologies employed both within and 


lY Office of Air Quality Planning and Standards, U.S. EPA, New Source Review Workshop 
Manual: Prevention of Significant Deterioration and Nonattainment Area Permitting (Draft Oct. 
1990). 


111 Office of Air Quality Planning and Standards, U.S. EPA, "Top-Down" Best Available 
Control Technology Guidance Document (Mar. 15, 1990). This document was shared with other 
EPA Regions and States, who would have considered it in their own BACT analyses. 


DI Matt Haber et al., U.S. EPA Region 9, Best Available Control Technology Guidance 
Document. 
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outside of the United States.11' As discussed later, in some circumstances, inherently 
lower-polluting processes are appropriate for consideration as available control alternatives. The 
control alternatives evaluated should include not only existing controls for the source category in 
question, but also (through technology transfer) controls applied to similar source categories and 
gas streams, and innovative control technologies. In addition, the technology that will achieve 
the greatest emission reduction technically possible (which is required in areas not attaining the 
National Ambient Air Quality Standards, and known as lowest achievable emission rate 
(LAER).!2) is considered available for BACT purposes, must also be included as a control 
alternative and usually represent the "top" alternative.!9' 


In the course of the BACT analysis, one or more of the options may be eliminated from 
consideration because they are demonstrated to be technically infeasible or have unacceptable 
energy, economic, and environmental impacts on a case-by-case (or site-specific) basis. 
However, at the outset, applicants should initially identify all control options with potential 
application to the emissions unit under review.!.7! 


Next, the technical feasibility of the control options identified in step one is evaluated with 
respect to the source-specific (or emissions unit-specific) factors. Any demonstration of technical 
infeasibility must be clearly documented in the analysis to show, based on physical, chemical, or 
engineering principles, that technical difficulties would preclude the successful use of the control 
option on the emissions unit under review. Technically infeasible control options are then 
eliminated from further consideration in the BACT analysis.l·~ 


For example, in cases where the level of control in a permit is not expected to be achieved in 
practice (e.g., a source has received a permit but the project was canceled, or every operating 
source at that permitted level has been physically unable to achieve compliance with the limit), 
and supporting documentation showing why such limits are not technically feasible is provided, 
the level of control (but not necessarily the technology) may be eliminated from further 


.!1' Office of Air Quality Planning and Standards, U.S. EPA, "Top-Down" Best Available 
Control Technology Guidance Document (Mar. 15, 1990), page B.11. "Also, technologies in 
application outside the United States to the extent the technologies have been successfully 
demonstrated in practice on full scale operations [should be considered]." 


12 LAER is defined as the lowest emission rate achieved in practice, or in a SIP, for that class or 
category of source (C.A.A. § 171). 


!9' Office of Air Quality Planning and Standards, U.S. EPA, "Top-Down" Best Available 
Control Technology Guidance Document (Mar. 15, 1990). 


)]j Ibid. 


~ Ibid. 
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consideration. However, a permit from another facility requiring the application of a certain 
technology or emission limit to be achieved for such technology usually is sufficient justification 
to assume the technical feasibility of that technology or emission limit..!21 


All remaining control alternatives not eliminated above are listed in rank order of overall control 
effectiveness for the pollutant under review, with the most effective control alternative at the top. 
A list should be prepared for each pollutant and for each emissions unit (or grouping of similar 
units) subject to a BACT analysis. The list should present the array of control technology 
alternatives and should include the following types of information:N' 


• control efficiencies (percent pollutant removed, where appropriate); 


• expected emission rate (concentration or mass per unit production); 


• economic impacts (cost effectiveness); 


• environmental impacts (includes any significant or unusual other media impacts (e.g., 
water or solid waste), and, at a minimum, the impact of each control alternative on 
emissions of toxic or hazardous air contaminants); and 


• energy impacts (to the extent not already included in the economic impacts). 


After the identification of available and technically feasible control technology options, the 
energy, environmental, and economic impacts should be considered to arrive at the final level of 
control. For each option, the applicant is responsible for presenting an objective evaluation of 
each impact. Beneficial and adverse impacts are discussed and, where possible, quantified. In 
general, the BACT analysis focuses on the direct impact of the control alternative. Indirect 
impacts, such as the environmental impact from the generation of electricity needed to run fans 
for an air pollution control device, are not included in the BACT analysis. 


However, an applicant proposing the top control alternative need not provide cost and other 
detailed information in regard to other control options. In such cases the applicant should 
document that the control option chosen is, indeed, the top, and review that option only for 
collateral environmental impacts.lli 


Economic impacts are considered in terms of dollars per ton of pollutant removed. This factor is 


.!21 Ibid. 


£!}' Ibid. 


lli Ibid. 
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known as "cost effectiveness." Using this common unit of measurement facilitates a comparison 
of similar data across technology options. Other measures, such as dollars invested in control 
equipment compared to fraction of total capital investment, or dollars per unit of product, should 
not be used in BACT determinations. Cost effectiveness for the purpose of a BACT analysis is 
always measured as total cost effectiveness and, sometimes, by incremental cost effectiveness. 
Total cost effectiveness is the cost, in dollars per ton of pollutant removed, of all emissions 
removed compared to a baseline emissions level. That baseline is usually the legal limit that 
would exist but for the BACT determination. In many cases, that limit is equal to uncontrolled 
emissions, since no legal or practical limit may exist for a particular pollutant. Incremental cost 
effectiveness is defined as the cost, in dollars per ton of pollutant removed, of additional 
emissions removed compared to the next less effective control option. When comparing a 
particular calculated cost effectiveness with a potential cost benchmark, it is essential to ascertain 
whether the values are total or incremental cost effectiveness, as incremental cost effectiveness is 
always much larger than total cost effectiveness. EPA does not set a bright line for acceptable 
costs for BACT. The cost expectations for a particular industry and across all industrial sectors 
are expected to evolve over time, and may vary from area to area and from permitting authority 
to permitting authority. The focus of the economic cost portion of the BACT analysis is to ensure 
that a permit applicant may propose elimination of a control option if its costs for that option are 
disproportionately high compared to other sources using that control option, or the cost for that 
control alternative is significantly higher than the range of costs associated with BACT costs for 
that type of facility or BACT in general. 


If the applicant accepts the top alternative in the listing as BACT, the applicant proceeds to 
consider whether impacts of unregulated air pollutants or impacts in other media would justify 
selection of an alternative control option. If there are no outstanding issues regarding collateral 
environmental impacts, the analysis is ended and the results are proposed as BACT. In the event 
that the top candidate is shown to be inappropriate, due to energy, environmental, or economic 
impacts, the rationale for this finding should be documented by the permitting authority for the 
public record. Then the next most stringent alternative in the listing becomes the new control 
candidate and is similarly evaluated. This process continues until the technology under 
consideration cannot be eliminated by any source-specific environmental, energy, or economic 
impacts which demonstrate that alternative to be inappropriate as BACT.~ 


~ Prior to the formalization of the "top-down"BACT process described above, the BACT 
process did not require that the applicant begin with an analysis of the most stringent technology 
option; however, the other key elements are very much the same. The process I describe has 
been formally in place since 1987, when EPA headquarters issued guidance ("Potter memo") for 
the improvement of the BACT determination process, after a series of evaluations of state and 
local permitting programs gave rise to concern at EPA that control technology (BACT) 
determinations defaulted too often to the minimum floor for emissions controls. After EPA 
headquarters issued its Potter memo, EPA's expectation was that permitting authorities would 
use that guidance in preparing their BACT determinations. My analysis for the 1988 and later 
timeframes largely conforms to the methodology of the Potter memo and later guidance. 
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VI. Baldwin Station: Background 


Baldwin Station consists of three coal-fired steam electric generation units, each with a capacity 
of approximately 585 megawatts (MW). The Baldwin plant combusted local Illinois coal with a 
heating value of approximately l 0,400 to l 0,800 British Thermal Units (BTU) per pound, a 
sulfur content of approximately 3% by weight, and an ash content of approximately l 0% to 11 % 
by weightDI until 1999, when the facility began use of Powder River Basin (PRB) coal with a 
heating value of 8600-8800 BTU/lb, a sulfur content of 0.25%, and an ash content of 4.6-4.8%.£1' 


Unit 1 began operation in 1970, and operates a cyclone fired boiler.£?/ Unit 1 has a gross output 
of 584 megawatts (MW).l9' Its air pollution equipment includes of an electrostatic precipitator 
(ESP) initially designed to remove 99% of the particulate matter (PM) contained in the boiler 
exhaust gas. The ESP was upgraded in1999.£.li The upgraded ESP was expected to remove 99.4% 
of particulate matter.~ For NOx control, an over-fire air system was installed in 1999,~ as was 
the infrastructure for selective catalytic reduction (SCR).N' However, at least as of November 


However, the only substantive difference between the current (1987 and later) and earlier (1980) 
guidance is that the current guidance recommends that the top (i.e. most effective at controlling 
pollution) technology be listed first, and then rejected only if compelling reasons, consistent with 
the law, are found. In contrast, the earlier guidance recommend assessment of each control 
technology, and selection of the "best" technology based on the statutory criteria. My analysis in 
the 1982 and 1985 timeframes is consistent with the 1980 publication. While the processes laid 
out in the 1980 document and the 1987 Potter memo (and later guidance) were different, the 
results should have been the same. 


DI Department of Energy, Energy Information Administration (Form EIA-767) for 1985. 


f1' Department of Energy, Energy Information Administration (Form EIA-767) for 2000. 


£?/ Ibid. 


l9' Sargent & Lundy Engineers Engineering Data, Unit 1 Baldwin Power Station. IPPR0-
0085676-744. 


n IP Permit Application dated March 30, 1998. IPPR0-0019396. 


~ Ibid. 


~ IP Permit Application dated September 8, 1999. IPPR0-0028775. 


l!¥ IEPA Construction Permit. EPA 5775. 
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2000, the SCR system does hot contain catalyst, and is not currently operating}..!! There are no 
S02 controls in place at Baldwin Unit 1. 


Unit 2 also employs a cyclone fired boiler and has a gross capacity of 586 MW.Bl Unit 2 began 
operation in 1973.J)f The Unit 2 ESP was initially designed to remove 99% of the exhaust gas 
PM.J.1' Although the ESP was modified in 1999 by adding additional collection fields,~ and 
installation of a flue gas conditioning system,19' no information has been provided regarding the 
new removal efficiency or emission rate. With respect to NOx, an over-fire air system was 
installed in 1999,lli as was an SCR system infrastructure. However, at least as of November 2000 
no catalyst was installed, and the SCR system is not currently operating.2.§' There are no S02 


controls in place at Baldwin Unit 2. 


Unit 3 is a tangentially fired unit with a gross output of 586 MW,1?! and began operation in 
1975.5!1 Its air pollution controls include an ESP initially designed to remove 99.5% of exhaust 
gas PM.±!! Although the ESP was upgraded in 2000,1?1 no information has been provided 
regarding the new performance level in terms of PM removal efficiency or emission rate. With 


l.!! Deposition testimony of Arie Diericx, November 10, 2000. 


Bl Ratings of Illinois Power Company Fossil Fuel Fired Generating Units; Report by Power 
Technologies, Inc. December, 1987 - IPPR0-00151120 


J)f Department of Energy, Energy Information Administration (Form EIA-767) for 1985. 


2.1' Department of Energy, Energy Information Administration (Form EIA-767) for 1985. 


~ IP Permit Application dated November 25, 1998. IPPR0-0019250. 


19' IP Permit Application dated December 20, 1999. IPPR0-0028865 


lli IP Permit Application dated September 8, 1999. IPPR0-0028775. 


~ Deposition testimony of Arie Diericx, November 10, 2000. 


1?! Sargent & Lundy Engineers Engineering Data, Unit 3 Baldwin Power Station. IPPR0-
0085900. 


5S1 Department of Energy, Energy Information Administration (Form EIA-767) for 1985. 


±!! Ibid. 


1Y IP Permit Application dated November 25, 1998. IPPR0-0019250. 
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respect to NOx, in 1994, low NOx burners, with an overfire air system were installed.iJ! There are 
no S02 controls in place at Baldwin Unit 3. 


VII. BACT Determinations for the Baldwin Station 


A. BACT Determination for Baldwin Unit 3: 1982 


Unit 3 is a tangentially fired unit with a gross output of 586 MW, and began operation in 1975.±Y 
It was designed to fire up to 294 tons per hour~ of coal with a heating value of 10,460 BTU per 
pound.~ 


1. Sulfur Dioxide 


As of 1982, Baldwin Unit 3 was uncontrolled for emissions of S02, and was burning coal with a 
sulfur content of 3%-3.5%.~ Actual emissions for the unit were about 85,000 tons per year 
(TPY) of S02.~ 


a. Technical Feasibility 


Two S02 emissions control options were potentially available in 1982. I analyzed the following 
options to determine technical feasibility, availability and cost effectiveness for S02 control: 


1. Wet Limestone Scrubber 
2. Wet Lime scrubbing buffered by Magnesium Oxide 


All wet scrubbing type sulfur removal controls employ absorption by passing the flue gasses 


iJI IP Permit Application dated January 19, 1993. IPPR0-0032541. 


±!! Ibid. 


~ Ibid. 


~ Sargent & Lundy Engineers Engineering Data, Unit 3 Baldwin Power Station. IPPR0-
0085900 


~ Department of Energy, Energy Information Administration (Form EIA-767) for 1985. 


~ See Expert Report ofRanajit (Ron) Sahu, April, 2002, compiling CEMS data submitted by 
Illinois Power Company to U.S. EPA. 
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through an injected mist of reagent - generally limestone or lime.~ The reagent is crushed into a 
fine powder, hydrated into a wet slurry, and then injected into the flue gas stream via specialized 
high pressure pumps and nozzles. The airborne slurry mist absorbs the sulfur and precipitates out 
of the injection chamber where it is de-watered and neutralized for landfill. In many cases, the 
by-product material is of sufficient quality it can be sold as wallboard-quality gypsum. The use of 
magnesium oxide as a buffering agent may increase the effectiveness of S02 removal. 


Both of the technologies under consideration were technically feasible and available, as both wet 
scrubbing technologies had been in widespread use by 1982. For example, in the U.S., at least 
eight other facilities were operating using wet limestone systems by the end of 1982, and twelve 
facilities were using magnesium oxide (MgO) enhanced lime. Design removal efficiencies for 
these facilities ranged from 80 to 95%.~ Wet scrubbers were put in place at the above facilities 
for a variety of reasons, but by 1982 there were at least two Federal requirements for the use of 
scrubbers for S02 control. 


The first of these federal requirements is the New Source Performance Standards (NSPS) for coal 
fired powerplants. The NSPS had been amended in 1979, and applies to powerplants constructed 
or modified after 1978.1!! Those standards require removal of up to 90% of flue gas S02 


(depending on the sulfur content of the coal). NSPS is set at level that is technically feasible, and 
cost effective.21 


The second requirement is the BACT requirement of the PSD regulations, which, in 1982, had 
been in effect for almost four years.iJ/ At least seven coal fired powerplants were issued PSD 
permits between 1978 and 1983 with the requirement for between 80 and 95% control.21' For 


~"Estimating Costs of Air Pollution Control," 1990, Vatavuk, W.M., Lewis Publishers, 
Chelsea, ML, pp. 194-199. 


~ See report of William Ellison, PE, Ellison Consultants, developed in connection with United 
States v. Illinois Power and Dvnegy Midwest Generation, Inc. 


1Y See 40 C.F.R. § 60.40a (1979), "Standards of Performance for Electric Utility Steam 
Generating Units for Which Construction is commenced after September 18, 1978." 


21 See C.A.A.§ 11 l(a)(l). 


f1I In 1978, EPA revised its regulations pursuant to the 1977 Clean Air Act Amendments. Prior 
to that date, BACT was defined to be equal to NSPS, where an NSPS existed. The 1978 
regulation conformed the regulations to the new statutory language, and provided that the permit 
applications that were "complete" prior to the new regulation would be processed under the old 
regulations. 


21' See Appendix A, Table 5: RACT/BACT/LAER summary: 1982 timeframe. 


14 







example, Nevada Power's Harry Allen Station was issued a permit in early 1981witha95% 
removal requirement and an emission rate of 0.1 pound/million BTU.22 In 1980, the Platte 
River Power Authority, Rawhide Station was issued a permit with an 80% removal requirement 
and an emission rate limit of 0.13 pound/million BTU.19' In addition, in 1982, the Allegheny 
Power, Mitchell 33 Unit, a powerplant firing up to 2.9% sulfur coal, began operation of a 
scrubber removing 95% of the stack gas.TI' 


Taken together, it is clear that by 1982, scrubbing technologies to remove S02 were required of 
many powerplants and in place at many others. Both wet limestone scrubbers and wet lime 
scrubbers with magnesium buffering had been used and had demonstrated removal efficiencies of 
up to 95%. These two wet scrubbing technologies, with efficiencies of up to 95%, were therefore 
both technologically feasible and well demonstrated in practice. 


b. Cost Analysis 


Both of the available wet scrubbing options were analyzed to determine their cost effectiveness. 
Both scrubbing options were analyzed at the 95% efficiency level. 


The cost for scrubbers capable of removing 95% of flue gas S02 were analyzed based on a study 
conducted by Illinois Power in 1991 to install flue gas desulfurization systems on Unit l.~ Most 
of the methodology used in 1991 would also apply in 1982.221 Based on this analysis, the capital 
costs for the limestone system, would be approximately $176 million (in 1982 dollars). Operating 
costs would range from $3.3 million to 4.7 million, depending on whether waste from the 


22 Ibid. 


19' Ibid. 


TI! See report of William Ellison, PE, Ellison Consultants, "Table 5, Pre-1983, Tangentially
Fired, Low NOx Burner Installations", developed in connection with United States v. Illinois 
Power and Dynegy Midwest Generation, Inc. 


~ Babcock and Wilcox, Contract Research Division and Environmental Equipment Division, 
Volumes I-IV of Proposal for Full-Scale Demonstration of Integrated Flue Gas Desulfurization 
System with Rebuming NOx Control, B&W Proposal #90-071(May1991). IPPR0-0128923-
0129035, IPPR0-0128096-0128265, IPPR0-0127849-0128091, IPPR0-0127567-0127848. 


221 See report of Dan Mussatti and Larry Sorrels, "Estimated Costs for the Installation of S02, 


NOx and PM Control Devices at Illinois Power's Baldwin Station," developed in connection with 
United States v. Illinois Power and Dynegy Midwest Generation, Inc. The cost data adjustment 
was based on information found at website address http://www.enr.com/cost/costcci.asp. 
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scrubber system would have been sold. When these costs are converted to annualized costs~, the 
annual cost would have been between $22.0 and 23.4 million.Q.!/ Based on 95% control of S02 


emissions, a wet limestone scrubber system installed on Baldwin's Unit 3 would remove 106,600 
tons per year of S02• Its cost effectiveness in 1982 would have been approximately $220/ton.@ 
The wet lime scrubber with magnesium buffering would have had both higher capital and 
operating costs than the wet limestone scrubber.~ Therefore, unless the wet limestone scrubber 
were to be rejected on other grounds (such as lesser other environmental impacts), it would no 
longer need to be considered. 


In order to ensure that the costs estimated for the scrubber are not excessive, I reviewed other 
BACT determinations and EPA policy documents.M' I reviewed the cost effectiveness of 
eighteen powerplants permitted between 1979 and 1999 with BACT requirements for scrubbers. 
Of those where a dollar per ton cost effectiveness was listed, the range (once converted to 1982 
dollars) was $145 to 4405/ton.0! Also, in 2001, EPA issued guidance related to presumptive 
BACT for NOx at refineries being modified to meet EPA mandates for making cleaner burning 


~ Annualizing a cost is method to determine the annual equivalent value of the initial 
investment over its life. 


Q.!/ Ibid.; the cost data adjustment was based on information found at website address 
http://www.enr.com/cost/costcci.asp. 


gi See Table 8a: S02 Emission Calculations and Cost Effectiveness for Baldwin Unit 3, 1982. 


~ See report of Dan Mussatti and Larry Sorrels, Estimated Costs for the Installation of S02, NOx 
and PM Control Devices at Illinois Power's Baldwin Station, developed in connection with 
United States v. Illinois Power and Dynegy Midwest Generation, Inc. 


M' Specifically, as part of the economic analysis here and throughout the report, I compared the 
cost effectiveness of available control options to a variety of other benchmarks. This comparison 
assisted in determining whether a particular scenario's cost effectiveness should be deemed 
unreasonable. For example, to the extent available, I looked at contemporaneously issued PSD 
permits, as well as PSD permits issued later. In addition, I considered more generalized data 
applicable to source types or regulatory schemes that are expected to use a lower cost 
effectiveness. For example, I have compared potential control costs at the Baldwin station to 
costs calculated for control measures imposed to attain the National Ambient Air Quality 
Standards. These control measures are usually known as Reasonably Available Control 
Technology (RACT). RACT level emissions controls.are considered to be a less stringent control 
technology requirement than BACT, and therefore are less expensive. Therefore, the use of 
RACT level controls should yield a conservative (i.e. lower cost) measure against which to 
compare potential BACT options. 


01 See Table 11, Cost Effectiveness ofBACT Determinations for S02. 
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gasoline.!lli That guidance used $10,000/ton as an upper bound for BACT cost effectiveness. 
When that value is converted to 1982 dollars it becomes $6, 148/ton. The estimated costs for wet 
limestone scrubbing at Baldwin Unit 3 in 1982 is at the low end of the range of these permits and 
EPA guidance. The cost is therefore not unreasonable. 


c. Other Environmental Impacts 


Wet scrubbers produce a sludge that may have economic use. If not used, it must be disposed in a 
landfill. This sludge is not considered hazardous waste. No other significant environmental effect 
occur due to the use of scrubbers. 


d. Conclusion 


Based on the above data, I conclude that BACT at Baldwin Unit 3 in 1982 would have been an 
emission rate of 0.3 pound/million BTU,2?130 day rolling average, based on the use of a wet 
limestone scrubber removing 95% of the S02 from coal having a sulfur content of 3-3.5%. 
Compliance with the limit would have been monitored by use of a Continuous Emissions 
Monitoring System (CEMS).@ 


2. Nitrogen Oxides 


In 1982, Unit 3, based limited data available, had uncontrolled NOx emission rates that 
appear to average about 0.47 pound/million BTU, and range as high as 0.75 pound/million 
BTU.~ Several emissions control options were potentially available in 1982. I analyzed the 
following options to determine technical feasibility, availability and cost effectiveness for NOx 
control: 


1. Low NOx Burners ("LNB") 
2. Overtire Air ("OF A") 


!lli See memorandum from John S. Seitz, Director, OAQPS, to Air Division Directors regarding 
BACT and LAER for Emissions of Nitrogen Oxides and Volatile Organic Compounds at Tier 
2/Gasoline Refinery Projects, dated January 19, 2001. This information can be found at website 
address: http://www.epa.gov/rgytgmj/programs/ artd/ air/nsr/nsrmemos/t2bact. pdf 


§JJ The limit of0.3 pounds per million BTU is derived from 95% removal of coal with 3.5% 
sulfur and l 0,900 BTU/pound. See Table 8a, S02 Emission Calculations and Cost Effectiveness 
for Baldwin Unit 3, 1982 


@ See 40 C.F.R Part 60, Appendix B, Performance Specification 2. 


~ See Compilation of CEMS Data for the Baldwin Station, submitted by Illinois Power 
Company to U.S. EPA. 
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3. Selective Catalytic Reduction ("SCR") 
4. Flue Gas Recirculation ("FGR") 


a. Technical Feasibility 


Low NOx burners limit NOx formation by controlling both the stoichiometric and temperature 
profiles of the combustion process in each burner flame zone. This control is achieved with 
mechanical designs that regulate the aerodynamic distribution and mixing of the fuel and air 
which results in reduced oxygen concentration in the primary combustion zone, reduced flame 
temperature, or reduced residence time at the peak NOx formation temperature. There are many 
types of Low-NOx burners for use on many types of boilers (except cyclone boilers.).N' 


LNBs were installed in numerous facilities by 1982. At least seven plants were operating with 
LNBs worldwide by 1982.l!i At least one burner manufacturer had developed a burner capable of 
reaching levels of less than 0.4 pound NOx/million BTU. That burner was installed at Utah 
Power and Light's Hunter Unit 2 and started operation in 1981.l?l.D/ At least two other 
powerplants were permitted by 1982 with emission rates near 0.4 pound NOx/million 
BTU-Nevada Power's Hany Allen Station, and Tucson Electric Power's (TEP) Springerville 
Unit 3.21' Units 1 and 2 at TEP's Springerville, permitted in 1978, have achieved levels of 
approximately 0.4 pounds per million BTU.TI! All of the foregoing powerplants were designed as 
tangentially fired boilers . 


.N' Babcock & Wilcox, Steam/its generation and use (39th ed. 1978). 


l!i See report of William Ellison, PE, Ellison Consultants, "Table 5, Pre-1983, Tangentially
Fired, Low NOx Burner Installations," developed in connection with United States v. Illinois 
Power and Dynegy Midwest Generation, Inc. 


l?I See report of William Ellison, PE, Ellison Consultants, "Table 5, Pre-1983, Tangentially
Fired, Low NOx Burner Installations," developed in connection with United States v. Illinois 
Power and Dynegy Midwest Generation, Inc. 


DI Conversion from parts per million to pounds per million BTU based on Emissions standards 
handbook: air pollutant standards for coal-fired power plants, Appendix, Hermine N. Soud, 
IEA Coal Research, December 1991. 


21' See Appendix A, Table 1. 


TI! See U.S. EPA, Clean Air Markets Division, "Emissions Scorecard." This information can be 
found at website address: http://www.epa.gov/airmarkets/emissions/scoreOO/index.html. TEP's 
emission rate for 2000 was reported to have been 0.39 pounds/MMBTU. TEP has presumably 
maintained the same burners since the boilers were built. 
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The relevant NSPS requirement was an emission rate of 0.6 pound/million BTU for coal fired 
powerplants burning bituminous coal, which is the coal that Illinois Power was burning in 1982. 
In 1982, several plants were in operation.I§' or were permitted for lower levels using LNBs.TI' 
These installations demonstrate that, using LNBs, facilities would be capable of reaching lower 
emission rates than the NSPS requires. 


Overtire air is a combustion control technique where a percentage (~5 - 20%) of the total 
combustion air is diverted from the burners and injected through ports about the top burner level. 
The zone where the coal is injected is slightly oxygen deficient (sub-stoichiometric) thereby 
suppressing production of NOx. Combustion is completed in the over-fire air zone. Overtire air 
is sometimes called air staging. Overtire air limits NOx emissions by two mechanisms: (1) 
thermal NOx formation is delayed and suppressed because of the lower flame temperature and 
extended combustion zone, and (2) fuel NOx formation is suppressed because of the lower 
oxygen concentration in the lower furnace and the lower temperature.~ Overtire air was installed 
in numerous facilities by 1982. By 1982, at least five plants were operating worldwide using 
OF A. However, OF A installations in the 1892 time frame in tangentially fired boilers appear to 
be an integral part of LNB designs, and also appear designed to meet a limit of 0.7 pound per 
million BTU. 'lJJ 


Selective Catalytic Reduction involves injecting ammonia into the flue gas before the gas reaches 
a catalyst, at a specific temperature. The catalyst lowers the energy required to complete the 
reaction of the ammonia with the NOx to form nitrogen and water, therefore the catalyst can be 
placed in a lower temperature zone of the boiler. The most common catalysts are a 
vanadium/titanium composition, with vanadium pentoxide (V205) as the active catalyst and a 
titanium support, and operate at about 750F in hot side SCR systems. Zeolite catalysts are 
crystalline aluminosilicate compounds and can operate at a lower temperature, typically found 


1§' See report of William Ellison, PE, Ellison Consultants, "Table 5, Pre-1983, Tangentially
Fired, Low NOx Burner Installations," developed in connection with United States v. Illinois 
Power and Dynegy Midwest Generation, Inc. 


TI' See Appendix A, Table 1. 


~ See U.S. EPA, Office of Air and Radiation, Office of Air Quality Planning and Standards, 
"Alternative Control Technologies Document NOx Emissions from Utility Boilers" March 1994. 
This information can be found at website address: http://www.epa.gov/ttn/catc/dirl/utboiler.pdf. 


'lJJ See report of William Ellison, PE, Ellison Consultants, "Table 5, Pre-1983, Tangentially
Fired, Low NOx Burner Installations," developed in connection with United States v. Illinois 
Power and Dynegy Midwest Generation, Inc. 
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after the preheater. Zeolite catalysts would be used in cold side SCR systems.ffi' 


Selective Catalytic Reduction was in use by 1982 on at least five coal fired powerplants 
worldwide.fill.g.- It therefore must be considered technically feasible, an important consideration in 
the BACT analysis. However, the largest boiler with SCR installed at this time was 350 MW, 
which is much smaller than Baldwin Unit 3, at almost 600 MW. In addition, in 1982, there were 
roughly two years of world-wide experience with SCR systems. To be most conservative in this 
retrospective analysis, I would conclude that the uncertainty associated with the newness of the 
technology and scale-up would mean that the technology was not available for use on Baldwin's 
Unit 3, and therefore was not a candidate for further BACT evaluation. 


Flue gas recirculation involves reintroducing flue gas from the economizer or air heater into the 
furnace for NOx control using ductwork and an additional fan. The method was originally 
developed for controlling superheater and reheater steam temperatures. NOx is reduced by 
lowering the temperature in combustion zone and therefore suppressing NOx formation. 


By 1982, flue gas recirculation was in use at a large number of combustion processes.fill All of 
these installations appear to be designed to meet an emissions limit of 0. 7 pounds/MMBTU.§1 
However, little data are available suggesting use and effectiveness of FGR for NOx control at 
coal fired boilers. For that reason, I have excluded FGR from further analysis as a BACT option. 


b. Cost Analysis 


This section presents costs for the installation of LNBs at Baldwin Unit 3.'§21 A state-of-the-art 


fil¥ See U.S. EPA, Office of Air and Radiation, Office of Air Quality Planning and Standards, 
"Alternative Control Technologies Document NOx Emissions from Utility Boilers" March 1994. 
This information can be found at website address: http://www.epa.gov/ttn/catc/dirl/utboiler.pdf. 


fill See report of William Ellison, PE, Ellison Consultants, "Table 2, SCR Installations," 
developed in connection with United States v. Illinois Power and Dynegy Midwest Generation, 
Inc. 


g.- See Ando, Jumpei, "S02 and NOx Removal for Coal Fired Boilers in Japan," presented at the 
Seventh Symposium on Flue Gas Desulfurization, May, 1982. 


filr See report of William Ellison, PE, Ellison Consultants, developed in connection with United 
States v. Illinois Power and Dynegy Midwest Generation, Inc. 


~ Ibid. 


'§21 OF A was excluded from further analysis because installations using OF A, in 1982, were 
emitting at about the same rate as Baldwin Unit 3 was, i.e. 0.7 pound/MMBTU. 
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LNB in 1982 would have been capable of reducing emissions to less than 0.4 pound/million 
BTU. The annualized cost of a LNB would have been $3.19 million, yielding a cost effectiveness 
of $589/ ton of NOx reduced.filr 


These costs compare favorably to relevant, historical, PSD permits and cost analyses performed 
for air quality planning needs. For example, the New Jersey Department of Environmental 
Protection issued permits in 1990 and 1991 that were based on a cost effectiveness of 
$13,200/ton.B' When converted to 1982 dollars, the New Jersey permits would require controls at 
a cost effectiveness of$10,600/ton.fil¥ Also, in 1982 the South Coast AQMD (SCAQMD) 
adopted a revision to its air quality management plan.@ That plan adopted control measures in 
order for the area to meet the National Ambient Air Quality Standards (NAAQS) for nitrogen 
dioxide (N02). Control measures for areas violating the NAAQS apply to a broad range of 
source categories, and are almost always retrofit measures. Consequently, the costs of these 
measures are generally less than BACT costs. The Los Angeles area, which is part of the 
jurisdiction of the SCAQMD, was the only area in the country not attaining the NAAQS for 
N02. The plan shows a number of control measures, some of which would be implemented 
immediately, and some over time. For rules projected to be adopted between 1983 and 1986, the 
cost effectiveness was between $700/ton and $7,600/ton in 1987 dollars. When those values are 
adjusted to 1982 dollars, the range becomes $617 to $6700/ton. Lastly, in 2001 EPA issued 
guidance related to presumptive BACT for NOx at refineries being modified to meet EPA 
mandates for making cleaner burning gasoline.29' That guidance used $10,000/ton as an upper 
bound for BACT cost effectiveness. When that value is converted to 1982 dollars it becomes 
$6, 148/ton. 


The average cost per ton for NOx reductions at Baldwin Unit 3 in 1982 using LNBs is 
substantially lower than the acceptable high end for costs used by NJDEP and EPA in the two 


fil1 See report of Dan Mussatti and Larry Sorrels, "Estimated Costs for the Installation of S02, 


NOx and PM Control Devices at Illinois Power's Baldwin Station," developed in connection with 
United States v. Illinois Power and Dvnegy Midwest Generation, Inc. 


B' See Keystone Cogeneration Facility BACT for Nitrogen Oxides Addendum, June 1990, 
ENSR Consulting and Engineering. 


fil¥ See http://www.enr.com/cost/costcci/asp for cost adjustments. 


@ Final Air Quality Management Plan, 1982 Revision, South Coast Air Quality Management 
District and Southern California Association of Governments, October 1982. 


29' See memorandum from John S. Seitz, Director, OAQPS, to Air Division Directors regarding 
BACT and LAER for Emissions of Nitrogen Oxides and Volatile Organic Compounds at Tier 
2/Gasoline Refinery Projects, dated January 19, 2001. This information can be found at website 
address: http://www.epa.gov/rgytgrnj/programs/artd/air/nsr/nsrmemos/t2bact.pdf 
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examples above, and similar to or less than the costs for most of the control measures in the 
SCAQMD plan. Therefore, the costs for LNBs at Baldwin Unit 3 in 1982 are not unreasonable. 


c. Other Environmental Impacts 


No significant environmental impacts would have occurred as a result of using LNBs. 


d. Conclusion 


In summary, I conclude that an emission rate of 0.40 pounds per million BTU (three hour 
average) based on the use of LNBs was BACT for NOx at Baldwin #3 in 1982. Compliance with 
the limit would be monitored by use of a Continuous Emissions Monitoring System (CEMS). 


3. Particulate Matter 


As of 1982, Baldwin Unit 3 was equipped with an electrostatic precipitator. Data reported by 
Illinois Power show that it was achieving a removal efficiency of about 99.4-99.5%.2..!t 


The following emissions control options were available for consideration in 1982. 


1. Electrostatic Precipitator (ESP) 


2. Baghouse 


a. Technical Feasibility 


An ESP was in use on Baldwin Unit 3 in 1982. It was therefore, technically feasible and 
available. A baghouse is also a feasible option. Several facilities were reported to be using 
baghouses in 1982, and achieving limits as low as .005 gr/ACF.2Y (This equates to 99.7% control 
at Baldwin Unit 3.)'!li Baghouses were therefore also technically feasible and available. 


The removal efficiency that Baldwin Unit 3 was achieving in 1982 compares favorably with the 


2..!! Department of Energy, Energy Information Administration (Form EIA-767) for 1982. 
IPPR0-0104439-0104464. 


2Y See report of William Ellison, PE, Ellison Consultants, developed in connection with United 
States v. Illinois Power and Dynegy Midwest Generation, Inc. 


'!li See Table 7 for derivation of control level. 
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baghouses in 1982, and achieving limits as low as .005 gr/ ACF.2Y (This equates to 99. 7% control 
at Baldwin Unit 3.)211 Baghouses were therefore also technically feasible and available. 


The removal efficiency that Baldwin Unit 3 was achieving in 1982 compares favorably with the 
permitted emission rate for the Harry Allen Station~ (where a particulate matter emission rate of 
0.015 pound!MMBTU was required, based on a removal rate of99.76%). Although that permit 
assumed that a baghouse would be required to meet the removal rate, it also allowed the 
applicant to use an ESP if data were submitted demonstrating that the ESP was likely to be able 
to achieve that rate. Baldwin Unit 3's ESP was controlling emissions to about 99.4% in 
1982.~ If Illinois Power had been required to add controls (likely to be an additional baghouse or 
another field in its ESP) to control its emissions to the then state of the art (i.e. to about 99. 7% 
control), the costs would likely have been substantial. 


b. Conclusion 


I have concluded that BACT for PM at Baldwin unit 3 in 1982 would have been an emission rate 
of 0.036 pounds per million BTU, based on 99.4% removal and the emissions controls already in 
place at Baldwin Unit 3 in 1982. Compliance would have been monitored using EPA method 5 
and an opacity monitor. 


B. BACT Determination For Baldwin Unit l: 1985 


Unit 1 is a cyclone fired boiler with a gross output rating of 584 megawatts (MW)29' and began 


operation in 1970.'lll It is designed to fire 267 tons per hour of coal~ with a heating value of 


2Y See report of William Ellison, PE, Ellison Consultants, developed in connection with United 
States v. Illinois Power and Dynegy Midwest Generation, Inc. 


'!Ji See Table 7 for derivation of control level. 


~ See EPA permit for Harry Allen Station, NV-77-01 and associated National Ambient Air 
Quality Impact Report. 


~ Department of Energy, Energy Information Administration, (Form EIA-767) for year 1982. 


29' Sargent & Lundy Engineers Engineering Data, Unit 1 Baldwin Power Station. IPPR0-
0085676-744. 


'l1I Ibid. 


~ Department of Energy, Energy Information Administration, (Form EIA-767) for year 1985. 
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1985 . .®' 


The available control technologies are the same as those that were potentially applicable to Unit 
3 in 1982. 


a. Technical Feasibility 


By 1985, at least thirty-five additional (compared to 1982) coal fired powerplants were in 
operation with scrubbers to remove S02 from their exhaust gas. Most of these scrubbers were 
wet limestone or wet lime buffered with magnesium oxide.W.l.Q!/ These two types of scrubbers 
were technically feasible in 1985. 


b. Cost Analysis 


The cost in 1985 of scrubbers capable of removing 95% of flue gas S02 was analyzed based on a 
study conducted by Illinois Power in 1991 to install flue gas desulfurization systems on Unit 1 . .!§1 


Most of the methodology used in 1991 would also apply to Unit 1 in 1985. According to that 
study, capital costs for the wet limestone scrubber are estimated to have been approximately 
$189 million.~ Operating costs would have ranged from $3.53 million to 5.04 million, 
depending on whether waste from the scrubber system would have been sold .. When these costs 
are converted to annualized costs, the annual cost would have been between $23.5 and 25.0 
million. Analysis of wet lime scrubber buffed with magnesium oxide shows it to be more 


.®' See Expert Report ofRanajit (Ron) Sahu, April 2002, compiling CEMS data submitted by 
Illinois Power Company to U.S. EPA. 


.!Q.!/ See report of William Ellison, PE, Ellison Consultants, "Table 2, SCR Installations," 
developed in connection with United States v. Illinois Power and Dynegy Midwest Generation, 
Inc . 


.!.Q2/ See "Table 30: Flue Gas Desulfurization (FGD) Capacity in Operation at U.S. Electric Utility 
Plants as of December 1999." This information can be found at website address: 
http://www.eia.doe.gov/cneaf/electricity/epav2/html_ tables/epav2t30p I .html and following 
pages 


.!§I Babcock and Wilcox, Contract Research Division and Environmental Equipment Division, 
Volumes I-IV of Proposal for Full-Scale Demonstration of Integrated Flue Gas Desulfurization 
System with Rebuming NOx Control, B&W Proposal #90-071(May1991), IPPR0-0128923-
0129035, IPPR0-0128096-0128265, IPPR0-0127849-0128091, IPPR0-0127567-0127848. 


~ See report of Dan Mussatti and Larry Sorrels, "Estimated Costs for the Installation of S02, 


NOx and PM Control Devices at Illinois Power's Baldwin Station," developed in connection with 
United States v. Illinois Power and Dynegy Midwest Generation, Inc. 
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expensive for the same level of control as the wet limestone scrubber, therefore only the wet 
limestone option received further consideration . .ill2 The wet limestone scrubber would remove 
96,800 tons per year of S02• Therefore, the cost effectiveness of a limestone FGD system would 
have been approximately $258/ton in 1985 . .ill9' 


In order to ensure that the costs estimated for the scrubber are not excessive, I reviewed other 
BACT determinations and EPA policy documents. I reviewed the cost effectiveness of eighteen 
powerplants permitted between 1979 and 1999 with BACT requirements for scrubbers. Of those 
where a dollar per ton cost effectiveness was listed, the range (once converted to 1985 dollars) is 
$155 to 4 715/ton . .!.Q.?/ Also, in 2001, EPA issued guidance related to presumptive BACT for NOx 
at refineries being modified to meet EPA mandates for making cleaner burning gasoline.@ That 
guidance used $10,000/ton as an upper bound for BACT cost effectiveness. When that value is 
converted to 1985 dollars it becomes $6,581/ton. The estimated costs for wet limestone scrubbing 
at Baldwin Unit 1 in 1985 is at the low end of the range of these permits and EPA guidance. The 
cost is therefore not unreasonable. 


c. Other Environmental Impacts 


Wet scrubbers produce a sludge that may have economic use. If not used, it must be disposed in a 
landfill. This sludge is not considered hazardous waste. No other significant environmental effect 
occur due to the use of scrubbers. 
d. Conclusion 


Based on the above data, I conclude that BACT for S02 at Baldwin Unit 1 in 1985 would have 
been an emission rate of 0.30 pound/million BTU,!Q21 30 day rolling average, based on the use of 
a wet limestone scrubber removing 95% of the S02 from coal having a sulfur content of 3-3.5%. 
Compliance with the limit would have been monitored by use of a Continuous Emissions 
Monitoring System (CEMS) . .!.!!¥ 


.ill2 Ibid; also see http://www.enr.com/cost/costcci.asp for cost adjustments . 


.ill9' See Table 8b for calculations . 


.!.Q.?f See Table 11, Cost Effectiveness ofBACT Determinations for S02• 


!QJY See memorandum from John S. Seitz, Director, OAQPS, to Air Division Directors regarding 
BACT and LAER for Emissions of Nitrogen Oxides and Volatile Organic Compounds at Tier 
2/Gasoline Refinery Projects, dated January 19, 2001. This information can be found at website 
address: http://www.epa.gov/rgytgrnj/programs/artd/air/nsr/nsrmemos/t2bact.pdf 


!Q2r See Table Sb for calculations . 


.!.!!¥ See 40 C.F.R Part 60, Appendix B, Performance Specification 2. 
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2. Nitrogen Oxides 


As of 1985, Baldwin Unit 1 had no controls in place for NOx emissions.!.!.!/ Unit l's NOx 
emissions are estimated to have been approximately 1.8 pounds per million BTU.ill' The relevant 
NSPS requirement was an emission rate of 0.6 pound/million BTU for coal fired powerplants 
burning bituminous coal, which is the coal that Illinois Power was burning in 1985. 


a. Technical Feasibility 


For Unit 1, in 1985, I considered the feasibility of LNBs, OF A, SCR and SNCR. LNBs were not 
technically feasible because they simply have not been developed for use on cyclone fired 
boilers. As to OF A, from the vantage point of 2001, for cyclone fired boilers, OF A would appear 
to have been technically feasible, but no installations on cyclone boilers appear to have been in 
place by 1985.ill Therefore, in my judgement, given the technical difficulty of engineering an 
overtire air system for a cyclone fired boiler, I would consider that technology also to be 
unavailable for use on Unit 1 in 1985. 


However, in contrast to 1982, by 1985, SCR had been used for coal fired boilers for at least five 
years. For example, by 1985, at least three Japanese facilities (i.e., Shiminoseki, Shin Ube and 
Tomatoatsuma) had operated five years.ill! In addition, at least sixteen SCR systems on coal fired 
powerplant boilers in Japan were in operation or under construction by this time, including both 
new and retrofit facilities. These powerplant boilers ranged in size from 125 to 700 megawatts in 
size.ill Planned reduction rates are not available for all of these facilities, but for a subset in 
operation by 1984, reduction ranged from 57 to 81 %.ill' Operational problems experienced in the 


!.!.!/ Department of Energy, Energy Information Administration (Form EIA-767) for 1985. 


ill' See Expert Report ofRanajit (Ron) Sahu, April, 2002, compiling CEMS data submitted by 
Illinois Power Company to U.S. EPA. 


ill See report of William Ellison, PE, Ellison Consultants, developed in connection with United 
States v. Illinois Power and Dynegy Midwest Generation, Inc. No instance of OF A were located 
in the relevant timeframe. 


ill! See report of William Ellison, PE, Ellison Consultants, developed in connection with United 
States v. Illinois Power and Dynegy Midwest Generation, Inc. 


illi See Ando, Jumpei, "S02 and NOx Removal For Coal-Fired Boilers in Japan," presented to 
the Seventh Symposium on Flue Gas Desulfurization, May, 1982. 


ill' See U.S. EPA, Air and Energy Engineering Research Laboratory, Office of Environmental 
Engineering and Technology, "Recent Developments in S02 and NOx Abatement Technology," 
September 1985. 
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early stages of SCR development had been solved by this time.ill Two German facilities that 
would begin operation in 1986 were likely under construction.@ Also, by 1985, SCR had begun 
to be used in the United States. For example, use of SCR, by 1984, resulted in a Lowest 
Achievable Emission Rate (LAER) emission rate for combined cycle gas turbines.ill',129' 


An additional technology that would have been considered in 1985 is Selective Non-Catalytic 
Reduction (SNCR). This process involves injection of ammonia into the combustion chamber at 
a point where the temperature is in a precise range.lli SNCR systems have lower capital costs 
than SCR, but typically have higher ammonia emissions levels compared to SCR, i.e. 30 to 40 
parts per million (ppm) compared to as little as 1 ppm for SCR systems.ill! Beginning in about 
1985, many coal fired powerplants were permitted using SNCR.illl However, none of these were 
cyclone fired boilers.fil Therefore, I would conclude that SNCR was not available in 1985 for 


ill Ibid, page 5-2. 


fil See report of William Ellison, PE, Ellison Consultants, "Table 2, SCR Installations," 
developed in connection with United States v. Illinois Power and Dynegy Midwest Generation, 
Inc. 


illl Personal conversation with Robert Pease, Air Quality Analysis/Compliance Supervisor, 
South Coast AQMD, September 19, 2001. Mr. Pease visited Japan in June 1984 to observe the 
operation of SCR on a large gas turbine. In July 1984, Mr. Pease prepared a report for the 
AQMD about its operation, and shortly thereafter began to require combined gas turbines to meet 
a 9 ppm NOx limit. 


129' LAER is generally the most effective emission limit that has been achieved for a source 
category. Consequently, the LAER emission rate, and the technology on which it is based, would 
generally be the most effective emission control option in a BACT analysis, and must be 
considered. 


Q!/ See U.S. EPA, Office of Air and Radiation, Office of Air Quality Planning and Standards, 
"Alternative Control Technologies Document NOx Emissions from Utility Boilers" March 1994. 
This information can be found at website address: http://www.epa.gov/ttn/catc/dirl/utboiler.pdf. 


ill! See U.S. EPA, Office of Air and Radiation, Office of Air Quality Planning and Standards, 
"Alternative Control Technologies Document NOx Emissions from Utility Boilers" March 1994. 
This information can be found at website address: http://www.epa.gov/ttn/catc/dirl/utboiler.pdf. 


ill! References: PSD permit #s SE 85-01, 85-05, SJ 85-06, SJ 85-07, SJ SE 86-04, SJ 86-08, 86-
09. 


fil See report of William Ellison, PE, Ellison Consultants, developed in connection with United 
States v. Illinois Power and Dynegy Midwest Generation, Inc. See also U.S. EPA, Office of Air 
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use on cyclone fired boilers. 


In summary, SCR was the sole NOx control technology available for cyclone fired boilers in 
1985. Moreover, a 55% reduction in emissions was well demonstrated for SCR based on the 
technical feasibility above. However, there is little information in the literature as to the 
effectiveness of SCR as the boiler undergoes changes in load. Current day control systems are 
able to react and adjust operation of the SCR to maintain a given level of control; systems in the 
mid '80s were less capable. In order to account for this lesser level of effectiveness of the SCR 
system during load changes, I assigned slightly less efficiency, 50%, to the SCR system, which 
could have been easily achieved on Baldwin's Unit 1 in 1985. A 50% reduction applied to 
uncontrolled emissions of 1.8 pound/million BTU yields an emission rate of 0.90 pounds per 
million BTU. 


b. Cost Analysis 


The estimated cost of an SCR system at Baldwin Unit 1 in 1985 was based on Illinois Power's 
study for installation SCR at Units 1 and 2.illl Since that study was conducted in 1990, the costs 
were adjusted to reflect 1985 dollars. The capital cost of SCR in 1985 is estimated to be $88.6 
million, and annual operating costs are estimated to be $3 .43 million. The annualized cost would 
be $20.2 million.@ This yields a cost effectiveness of $1368/ton reduced.ill'.@ These costs are 
likely to be conservative. For example, the 1990 study was for an installation that would remove 


and Radiation, Office of Air Quality Planning and Standards, "Alternative Control Technologies 
Document NOx Emissions from Utility Boilers" March 1994, page 49. This information can be 
found at website address: http://www.epa.gov/ttn/catc/dirl/utboiler.pdf. 


ill! See report of Dan Mussatti and Larry Sorrels, "Estimated Costs for the Installation of S02, 


NOx and PM Control Devices at Illinois Power's Baldwin Station," developed in connection with 
United States v. Illinois Power and Dynegy Midwest Generation, Inc. 


lliY Ibid. 


ill' See Table 3b for calculations. 


@ This cost estimate assumes that the catalyst would be replaced every three years. That 
assumption may be very conservative. At least one early SCR installation, at Knepper Unit C in 
Germany, went into service in 1986, and, as of 1998, was operating with 56% of its original 
catalyst. Another plant, Velthiem, began operation in 1989, and as of 1998, was operating with 
all of its original catalyst, together with an additional amount of catalyst added after two to three 
years of operation. See "Development and Commercial Operating Experience of SCR deNOx 
Catalysts for Wet-Bottom Coal-Fired Boilers," Isato Morita et al, Presented to Power-Gen 
International '98, December 1998. This document may be found at website address 
http://www.babcock.com/pgg/tt/pdf/BR-1665. pdf. 
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85% of NOx from the exhaust stream. In contrast, a 55% reduction of NOx was used for this 
analysis. The lower removal rate should reduce costs in two ways. First, less catalyst would be 
required, reducing capital cost, and secondly, less ammonia would need to be injected into the 
SCR system, reducing operating cost. Lastly, because less catalyst would initially be used, less 
catalyst would need to be periodically replaced. In spite of these likely cost reductions, our cost 
estimate did not take the lower removal rate into account. Therefore, these cost estimates are 
likely to be quite conservative. 


This cost compares favorably to some of the same relevant benchmarks mentioned above. For 
example, the New Jersey Department of Environmental Protection issued permits in 1990 and 
1991 that were based on a cost effectiveness of $13,200/ton. When converted tol 985 dollars, the 
New Jersey permits would require controls at a cost effectiveness of$1 l,700.ll21 Also, in 1982 
the South Coast AQMD (SCAQMD) adopted a revision to its air quality management plan . .!19' 


That plan adopted control measures in order for the area to meet the National Ambient Air 
Quality Standards (NAAQS) for nitrogen dioxide (N02). Control measures for areas violating 
the NAAQS apply to a broad range of source categories, and are almost always retrofit measures. 
Consequently, the costs of these measures are generally less than BACT costs. The Los Angeles 
area, which is part of the jurisdiction of the SCAQMD, was the only area in the country not 
attaining the NAAQS for N02. The plan shows a number of control measures, some of which 
would be implemented immediately, and some over time. For rules projected to be adopted 
between 1983 and 1986, the cost effectiveness was between $700/ton and $7,600/ton in 1987 
dollars. When those values are adjusted to 1985 dollars, the range becomes $660 to $7180/ton. 
Lastly, in 2001 EPA issued guidance related to presumptive BACT for NOx at refineries being 
modified to meet EPA mandates for making cleaner burning gasoline.11.!! That guidance used 
$10,000/ton as an upper bound for BACT cost effectiveness. When that value is converted 
to 1985 dollars it becomes $6,620/ton. 


The average cost per ton for NOx reductions using SCR at Baldwin Unit 1 in 1985 is 
substantially lower than the acceptable high end for costs used by NJDEP and EPA in the two 
examples above, and similar to or less than the costs for most of the control measures in the 
SCAQMD plan. Therefore, the costs for LNBs at Baldwin Unit 1 in 1985 are not unreasonable. 


c. Other Environmental Impacts 


ill! See http://www.enr.com/cost/costcci/asp for cost adjustments . 


.!N' Final Air Quality Management Plan, 1982 Revision, South Coast Air Quality Management 
District and Southern California Association of Governments, October 1982 . 


.!l.!I See memorandum from John S. Seitz, Director, OAQPS, to Air Division Directors regarding 
BACT and LAER for Emissions of Nitrogen Oxides and Volatile Organic Compounds at Tier 
2/Gasoline Refinery Projects, dated January 19, 2001. This information can be found at website 
address: http://www.epa.gov/rgytgmj/programs/artd/air/nsr/nsrmemos/t2bact.pdf 
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SCR and SNCR use ammonia, which could cause environmental effects if emitted in large 
amounts. However, ammonia slip (umeacted ammonia emitted to the atmosphere) is limited by 
design in SCR systems to about 3 ppm, so effects would not be likely to occur. SNCR typically 
has a higher ammonia slip; as high as 30 ppm. Because of the higher ammonia slip rate for 
SNCR, SCR would usually be preferred because of its lower other environmental impacts. 


d. Conclusion 


I conclude that an emission rate of 0.90 pound/million BTU (3 hour average) based on the use of 
SCR was BACT for Baldwin Unit 1 in 1985. Compliance with the limit would have been 
monitored by use of a Continuous Emissions Monitoring System (CEMS).lli' 


3. Particulate Matter 


In 1985, Baldwin Unit 1 was operating with an ESP to control particulate emissions. Based on 
Illinois Power's reported efficiency, which started at 96% in 1982 and decreased over time to 
90% in 1985,illl it appears that the ESP was in need of significant maintenance or repair. Illinois 
Power also performed periodic tests of the ESP. Based on the 1984 tests, I estimate emissions to 
have been approximately 580 pounds per hour.!11' but, based on other tests performed before and 
after that date, showing that emissions were highly variable, I conclude that emissions could have 
been as high as 879 pounds per hour in 1985. 


a. Technical Feasibility 


In order to reduce emissions further, one of the following actions would need to be taken at 
Baldwin Unit 1: 


- Replacement of current ESP with new ESP or baghouse, 
- Upgrade of ESP. 


ill' See 40 C.F.R Part 60, Appendix B, Performance Specification 2. 


ill! See EIA Reports numbered IPPR0-0104246; IPPR0-0104275; IPPR0-0104304; IPPR0-
0104333; IPPR0-0104370; IPPR0-0104404; IPPR0-0104456; IPPR0-0104457; IPPR0-
0104480; IPPR0-0104481; IPPR0-0104503 and IPPR0-0104504 . 


.!11' See Summary of Stack Test Data (0.1 pound!MMBTU); 5 ,824 MMBTU/hr derived from 
document number B&W02758. IPPR0-0021437; IPPR0-0016781; IPPR0-0020203; EPA-
6427; IPPR0-0049695; IPPR0-0057472; IPPR0-0020445; IPPR0-0016913; IPPR0-0017018; 
IPPR0-0018463; IPPR0-0002372; IPPR0-0020345; IPPR0-0071136; IPPR0-0018582; 
IPPR0-0016835; IPPR0-0021387; IPPR0-0070999. 
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For this analysis, I have assessed only the option of replacing the ESP with either a new ESP or a 
baghouse. In 1991, Illinois Power analyzed the options to increase particulate control at Units 1 
and 2.illl They concluded that a replacement ESP would be more cost effective than an upgrade 
of the existing ESP. Illinois Power did not analyze the cost of replacing the ESP with a baghouse. 
Among the conclusions of that study was that the existing ESP was in "poor condition," and that 
a "major upgrade and refurbishment of the existing ESP will be required in order to obtain 
another 30 years of service."llY Since this study was conducted only about five years after 1985, 
I believe its conclusions would generally have applied in 1985, i.e., that the existing ESP was 
near the end of its useful life and that a new or refurbished control device would be soon be 
needed. 


1. Baghouse 


In 1985, it would have been technically feasible for Illinois Power to substantially improve its 
particulate control with a baghouse. By 1985, at least 29 coal fired powerplants had installed 
baghouses designed to achieve levels of PM less than 0.01 grain/ACF (actual cubic foot).illl Of 
those 29, many were designed to achieve levels of between 0.001 and 0.005 gr/ACF.ill' This 
level is approximately equal to a 98.3 to 99.6% reduction of uncontrolled emissions at Baldwin 
Unit 1 _.!12-' An emission rate of .003 gr/ ACF is equivalent to 99. 7% control at Baldwin Unit 1 . .1±!.¥ 


II. ESP 


As of 1982, Illinois Power operated an ESP on Unit 3 with a removal efficiency of approximately 
99 .4 % (see 1982 analysis, above). This alone demonstrates the technical feasibility of an ESP at 
Baldwin at that removal efficiency. 


a. Cost Analysis 


ill! See Bums and McDonnell report, "Baldwin Unit 1 Electrostatic Precipitator Study" (1991). 
IPPR0-0058084 through IPPR0-0058136. 


llY Ibid., page 11-1. IPPR0-0058092. 


ill! See report of William Ellison, PE, Ellison Consultants, developed in connection with United 
States v. Illinois Power and Dynegy Midwest Generation, Inc. 


ill' See report of William Ellison, PE, Ellison Consultants, developed in connection with United 
States v. Illinois Power and Dynegy Midwest Generation, Inc . 


.!B See Appendix A, Table 4b: Emissions Calculations and Cost Effectiveness for Particulate 
Matter in 1985 . 


.!±!.¥ See Table 4c for calculations. 
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Based on a design to remove 99.6% of particulate matter (based on the capability of a baghouse, 
as discussed in the 1982 analysis, above), an ESP is estimated to have an annualized cost of 
about $19 million (and a capital cost of $105 million).li!t A baghouse with similar capabilities 
would have an annualized cost of $10.9 million (and a capital cost of$55 million).!±?/ Since the 
baghouse would be less expensive for the same level of emissions reduction, that is the option 
that I considered for further analysis. The total cost effectiveness of the baghouse would be 
$811/ton. 


Comparable cost effectiveness values are not available for cyclone fired boilers (which have 
much lower inlet PM loadings than tangentially fired boilers). However, construction cost data 
are available for powerplants constructed in the 1985 timeframe. These data show that the 
estimated construction cost for a baghouse is similar to that of other contemporaneous sources. 
For example, Arizona Public Service's Four Comers Unit 4 (818 MW), built in 1982, reported a 
capital cost of $90 million for its baghouse removing 99.8% of PM. Tampa Electric's Big Bend 
Unit 4 (445 MW), built in 1985, reported a capital cost of$76.8 million for its ESP removing 
99.7% of PM. Paradise Unit 1 (704 MW), built in 1983, reported a capital cost of$210 million 
for its ESP removing 99.9% of PM. The estimated costs for a baghouse at Baldwin Unit 1 in 
1985 are within the range of costs for similar facilities at that time, and are therefore not 
unreasonable.-illi' 


b. Other Environmental Impacts 


No significant environmental impacts would occur from the use of a baghouse. Collected ash 
from the baghouse would need to be disposed of, but is not considered hazardous waste. 


c. Conclusion 


I have determined that BACT for particulate matter for Unit 1 in 1985 would have been an 
emission limit of0.003 pound/million BTU and the use of a baghouse and 99.6% removaI.lli' 
Compliance would have been monitored using EPA method 5 and an opacity CEMS. 


li!t See report of Dan Mussatti and Larry Sorrels, "Estimated Costs for the Installation of S02, 


NOx and PM Control Devices at Illinois Power's Baldwin Station," developed in connection with 
United States v. Illinois Power and Dynegy Midwest Generation, Inc. 


ill' Ibid. 


19 Department of Energy, Energy Information Administration (Form EIA-767) for 2000. 


~ See Table 4b for calculations. 
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C. BACT Determination for Baldwin Unit 2: 1988 


Unit 2 is a a cyclone fired boiler and has a gross capacity of 587 MW.ill! Unit 2 began operation 
in 1973.~ It was designed to fire up to 267 tons per hour.!.±?! of coal with a heating value of 
10,460 BTU per pound.H§t 


1. S02 Control 


As of 1988, Baldwin Unit 2 was uncontrolled for emissions of S02, and was burning coal with a 
sulfur content of 3%.illl 


a. Technical Feasibility 


Control options for S02 control in 1988 were similar to the options available in 1985, as I 
discussed previously (see Baldwin Unit 2, 1985, above). However, by 1988, powerplant owners 
had more experience with all the scrubber options. In addition, many new facilities had come on 
line by 1988 utilizing scrubbers to remove S02. Over 148 coal fired powerplants with scrubbers 
were in operation in the U.S. by the end of1988. Most of these scrubbers were operating at a 
removal efficiency of 80 to 95% . .12!}' Outside the U.S. similar increases in scrubber capacity 
occurred. Most significant is the Preussen Electric Borken 2 and 3 facilities, which started 
operation in 1988, and which employed scrubbers with a design removal efficiency of 97% of 
S02.ill Since there was only one powerplant operating at 97%, I continued to analyze scrubber 


ill! Ratings of Illinois Power Company Fossil Fuel Fired Generating Units; Report by Power 
Technologies, Inc. December, 1987. IPPR0-00151120 


~ Department of Energy, Energy Information Administration (Form EIA-767) for 1985 . 


.!.±?! lb id. 


H§t Sargent & Lundy Engineers Engineering Data, Unit 3 Baldwin Power Station. IPPR0-
0085900 


ill! Department of Energy, Energy Information Administration (Form EIA-767) for 1988 . 


.12!}' See "Table 30: Flue Gas Desulfurization (FGD) Capacity in Operation at U.S. Electric Utility 
Plants as of December 1999." This information can be found at website address: 
http://www.eia.doe.gov/cneaf/electricity/epav2/html _tables/epav2t30p I .html and following 
pages 


ill See report of William Ellison, PE, Ellison Consultants, "Table 1, FGD Installations," 
developed in connection with United States v. Illinois Power and Dynegy Midwest Generation, 
Inc. 
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options based on 95% control. 


By 1988, scrubber technologies were mature. Both scrubbers previously analyzed (i.e. wet 
limestone and wet lime buffered by magnesium oxide) had been well demonstrated. 


b. Cost Analysis 


Capital and operating costs for wet limestone and wet lime with magnesium buffering were 
analyzed for the 1985 scenario. That analysis (see analysis for Unit 1, 1985) showed that wet 
limestone scrubbing was the less expensive option. The least cost option continues to be wet 
limestone scrubbing in 1988. Capital costs for the limestone system would be approximately 
$204 million (1988 dollars). Operating costs would range from $3.8 million and 5.4 million, 
depending on whether waste from the scrubber system would have been sold or not. When these 
costs are converted to annualized costs, the annual cost would be approximately $27 .1 million. 
The scrubber system would remove approximately 96,800 tons per year of S02• Therefore, the 
cost effectiveness the limestone FGD system would have been approximately $280/ton.illl 


As with the analysis of scrubbers in 1985, this cost compares very favorably to the cost 
effectiveness of eighteen powerplants permitted between 1979 and 1999 with BACT 
requirements for scrubbers. Of those where a dollar per ton cost effectiveness was listed, the 
range (once converted to 1988 dollars) is $167 to 5092/ton.ill' As also noted above, EPA's 2001 
guidance related to presumptive BACT for NOx at refineries cited $10,000/ton as an upper bound 
for BACT cost effectiveness. When that value is converted to1988 dollars it becomes $7,149/ton. 
The estimated costs for wet limestone scrubbing at Baldwin Unit 2 in 1988 is at the low end of 
the range of these permits and EPA guidance. The cost is therefore not unreasonable. 


c. Other Environmental Impacts 


Wet scrubbers produce a sludge that may have economic use. If not used, it must be disposed in a 
landfill. This sludge is not considered hazardous waste. No other significant environmental effect 
occur due to the use of scrubbers. 


d. Conclusion 


Based on the above data, I conclude that BACT at Baldwin Unit 2 in 1988 would have been an 


ill/ See report of Dan Mussatti and Larry Sorrels, "Estimated Costs for the Installation of S02, 


NOx and PM Control Devices at Illinois Power's Baldwin Station," developed in connection with 
United States v. Illinois Power and Dynegy Midwest Generation, Inc.; cost data adjusted based 
on http://www.enr.com/cost/costcci.asp. 


ill' See Table 11, Cost Effectiveness of BACT Determinations for S02• 
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emission rate of 0.30 pound/million BTU ,121' 30 day rolling average, based on the use of a wet 
limestone scrubber removing 95% of the S02 from coal having a sulfur content of 3-3.5%. 
Compliance with the limit would have been monitored by use of a Continuous Emissions 
Monitoring System (CEMS) . .illf 


2. NO, Control 


Like Unit I, as of 1988, Baldwin Unit 2 had no controls for NOx emissions.119' 


a. Technical Feasibility 


For Unit 2 in 1988, I again considered the feasibilityofLNBs, OFA, SNCR and SCR. Of these 
options, LNBs were not technically feasible in 1988, because they have not today been developed 
for cyclone fired boilers. OF A was also not technically feasible by 1988. While OF A had been 
used on other types of coal combustion, it had not been used on cyclone fired boilers. ill SNCR 
had been demonstrated by 1988 on a number of facilities overseas firing high sulfur coal, as well 
as many fluidized bed coal fired boilers permitted and under construction in the U.S. using low 
sulfur coal. By 1988, at least seven coal fired power plants in the U.S. were required to use 
SNCR to control NOJ~§' Emissions reductions of approximately 50% were expected at these 
facilities, and the permits included emissions limits in the range of 0.09-0.15 pounds/million 
BTU. ill! .lfil 


With respect to SCR, by 1988, significant additional experience had been gained worldwide in 
the application of this technology to coal fired boilers. SCR had been installed on at least two 


IB' See Table Sc for calculations . 


.ill/ See 40 C.F.R Part 60, Appendix B, Performance Specification 2. 


119' Department of Energy, Energy Information Administration (Form EIA-767) for 1988. 


ill' See report of William Ellison, PE, Ellison Consultants, "Table 1, FGD Installations," 
developed in connection with United States v. Illinois Power and Dynegy Midwest Generation, 
Inc. 


lli' See PSD permit #s SE 85-01, 85-05, SJ 85-06, SJ 85-07, SJ SE 86-04, SJ 86-08, 86-09. 


ill! Ibid. 


lfil See Kem County Air Pollution Control District, Engineering Analysis ofMt.Poso/Pyropower 
Cogeneration Facility, November 1986, page 67. " ... an emission rate of 0.092 pound 
NOJMMBTU satisfies NOx LAER requirement." 
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cyclone, (or "wet bottom") boilers, as well as many other coal fired powerplants.lli By 1988, 
twenty-five coal fired boilers in Japan, six in Germany and two in Austria had begun 
commercial operation of SCR systems for NOx controI..!Ei These installations were across a 
wide range of boiler size. For example, the German boilers vary in capacity from 153 MWe 
(Walheim, wet bottom boiler) to 770 MWe (Ibbenbuehren), and bum coal with sulfur contents up 
to 1.3%.illl The use of SCR at these boilers achieved NOx control efficiencies ranging from 67 
to 92 percent. Six other facilities were under construction overseas and would begin operation by 
1992.IB 


Because all but one of these German facilities had SCR with design NOx reduction levels of 
approximately 80% or greater,.!.@ I have determined that level of reduction was technically 
feasible in 1988. 


b. Cost Analysis 


SCR was the top, or most effective, option for available in 1988. Unless it were to be rejected on 
the grounds of unacceptable environmental or economic cost, SCR would be chosen as BACT. 
As in the 1985 analysis above, the cost for SCR was estimated using Illinois Power's studyW for 
installing SCR on units 1 and 2 in 1990. The costs were then adjusted to 1988 values.ill' These 
adjustments yield an annualized cost of$22.6 million. SCR would reduce Unit 1 emissions by 
about 23,604 tons/year, based on a 1.8 pound NO/MMBTU inlet concentration and a 66.7 


ill Ibid . 


.!El See ENSR Consulting and Engineering, "Keystone Cogeneration Facility BACT for Nitrogen 
Oxides, Addendum," June 1990. 


ill! See report of William Ellison, PE, Ellison Consultants, "Table 2, SCR Installations," 
developed in connection with United States v. Illinois Power and Dynegy Midwest Generation, 
Inc. 


IB Ibid . 


.!..@ See report of William Ellison, PE, Ellison Consultants, "Table 2, SCR Installations," 
developed in connection with United States v. Illinois Power and Dynegy Midwest Generation, 
Inc. 


W See SCR Cost Evaluation for Illinois Power, Baldwin Units 1 & 2, May 17, 1990. Prepared 
by Bums & McDonnell, Kansas City, MO. 


ill' See report of Dan Mussatti and Larry Sorrels, "Estimated Costs for the Installation of S02, 


NOx and PM Control Devices at Illinois Power's Baldwin Station," developed in connection with 
United States v. Illinois Power and Dynegy Midwest Generation, Inc. 
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percent capacity factor, and an SCR system that removes 80% of the inlet NOJ@ The annualized 
cost of an SCR system is estimated to have been approximately $22.6 million. This results in a 
cost effectiveness of $959/ton. 


As in 1985, this cost per ton compares very favorably with relevant PSD permits and cost 
analysis performed for air quality planning purposes. As noted above, the New Jersey 
Department of Environmental Protection issued permits in 1990 and 1991 that were based on a 
cost effectiveness of $13,200/ton. When converted to 1988 dollars, the New Jersey permits would 
require controls at a cost effectiveness of$ l 2,640 . .J221 Also, as noted above, in 1982 the 
SCAQMD adopted an air quality management planlEY establishing control measures to help bring 
the area into compliance with the NAAQS. For rules projected to be adopted between 1983 and 
1986, the cost effectiveness was between $700/ton and $7 ,600/ton in 1987 dollars. When those 
values are adjusted to 1988 dollars, the range becomes $713 to $7,750/ton. Lastly, in 2001 EPA 
issued guidance related to presumptive BACT for NOx at refineries being modified to meet EPA 
mandates for making cleaner burning gasoline . .!2.!! That guidance used $10,000/ton as an upper 
bound for BACT cost effectiveness. When that value is converted to 1988 dollars it becomes 
$7, 150/ton. The estimated costs for SCR at Baldwin Unit 2 in 1988 is at the low end of the range 
of these permits and EPA guidance. The cost is therefore not unreasonable. 


c. Other Environmental Impacts 


SCR and SNCR use ammonia, which could cause environmental effects if emitted in large 
amounts. However, ammonia slip (unreacted ammonia emitted to the atmosphere) is limited by 
design in SCR systems to about 3 ppm, so effects would not be likely to occur. SNCR typically 
has a higher ammonia slip; as high as 30 ppm. Because of the higher ammonia slip rate for 
SNCR, SCR would usually be preferred because of its lower other environmental impacts. 


d. Conclusion 


Based on the analysis above, I conclude that an emission limit of 0.36 pounds/MMBTU, 3 hour 
average based on the use of SCR with 80% removal was BACT for Unit 2 in 1988. Compliance 


!§' Ibid. 


ill! See http://www.enr.com/cost/costcci/asp for cost adjustments. 


m Final Air Quality Management Plan, 1982 Revision, South Coast Air Quality Management 
District and Southern California Association of Governments, October 1982 . 


.!2.!! See memorandum from John S. Seitz, Director, OAQPS, to Air Division Directors regarding 
BACT and LAER for Emissions of Nitrogen Oxides and Volatile Organic Compounds at Tier 
2/Gasoline Refinery Projects, dated January 19, 2001. This information can be found at website 
address: http://www.epa.gov/rgytgmj/programs/artd/air/nsr/nsrmemos/t2bact.pdf 
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with the limit would have been monitored with a CEMS. 


3. Particulate Matter 


As of 1988, Baldwin Unit 2 was operating with an ESP that had demonstrated efficiencies 
ranging from 93 to 97%, with an apparent downward trend in efficiency.ill 


In order to reduce emissions further, one of the following actions would need to be taken at 
Baldwin Unit 2: 


- Replacement of current ESP with new ESP or baghouse, 
- Upgrade of ESP. 


a. Technical feasibility 


For this analysis, I have again assessed only the option of replacing the ESP at Baldwin with 
either a new, more efficient ESP or a baghouse. The ESP for Unit 2 was designed for 99% 
removal efficiency, but had performed at significantly lower removal efficiencies, ill! suggesting 
that the unit would need significant repair or upgrade. As noted above, Illinois Power's study of 
PM controls for Unit 1, which is very similar to Unit 2, showed that the least cost option would 
be replacement, rather than upgrade, of the existing ESP (Illinois Power did not analyze the 
option of replacing the ESP with a baghouse).lli' Those conclusions should be equally applicable 
to Unit 2. 


1. Baghouse 


In 1985, it would have been technically feasible for Illinois Power to substantially improve its 
particulate control with a baghouse. As of 1988, at least 32 coal fired powerplants had installed 
baghouses designed to achieve levels of PM less than 0.01 grain/ACF (actual cubic foot).illf Of 


.!2.?I See EIA Reports numbered IPPR0-0104246; IPPR0-0104275; IPPR0-0104304; IPPR0-
0104333; IPPR0-0104370; IPPR0-0104404; IPPR0-0104456; IPPR0-0104457; IPPR0-
0104480; IPPR0-0104481; IPPR0-0104503 and IPPR0-0104504. 


ill! Department of Energy, Energy Information Administration (Form EIA-767) for 1988. 


ill' See Bums and McDonnell report, "Baldwin Unit 1 Electrostatic Precipitator Study" (1991). 
IPPR0-0058084 through IPPR0-0058136. 


illi See report of William Ellison, PE, Ellison Consultants, developed in connection with United 
States v. Illinois Power and Dynegy Midwest Generation, Inc. 
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those 32, many were designed to achieve levels of between 0.001 and 0.005 gr/ACF.ill' An 
emission rate of .003 gr/ ACF is equivalent to 99. 7% control at Baldwin Unit I .ill 


ii. ESP 


As of 1982, Illinois Power operated an ESP on Unit 3 with a removal efficiency of approximately 
99.4% (see 1982 analysis, above). This alone demonstrates the technical feasibility of an ESP at 
Baldwin at that removal efficiency. 


a. Cost Analysis 


Based on a design to remove 99.7% of particulate matter, the annualized cost of installing a new 
ESP at Baldwin Unit 1 in 1988 is estimated to have been about $20.2 million ($113 million 
capital cost) . .!BY' A baghouse with similar capabilities would have had an annualized cost of $11.6 
million ($55 million capital cost) . .!12t Since the baghouse would have been vastly less expensive 
for the same level of emissions reduction, that is the option that I considered for further analysis. 
The total cost effectiveness of the baghouse would have been $857/ton. 


Comparable cost effectiveness values are not available for cyclone fired boilers (which have 
much lower inlet PM loadings than tangentially fired boilers). However, construction cost data 
are available for powerplants constructed in the 1988 timeframe. These data show that the 
estimated construction cost for a baghouse is similar to that of other contemporaneous sources. 
For example, Northern States Power's Sherburn County Unit 3 (809 MW), built in 1987, 
reported a capital cost of$73.l million for its baghouse removing 99.9% of PM. Tampa 
Electric's Big Bend Plant (445 MW), referenced in my 1985 analysis, is also relevant in 1988. Its 
capital cost was 76.8 million.IB¥ The costs for a baghouse at Baldwin Unit 1 in 1988 are therefore 
note unreasonable. 


ill' See report of William Ellison, PE, Ellison Consultants, developed in connection with United 
States v. Illinois Power and Dynegy Midwest Generation, Inc. 


ill See Table 4c for calculations. 


!BY See report of Dan Mussatti and Larry Sorrels, "Estimated Costs for the Installation of S02, 


NOx and PM Control Devices at Illinois Power's Baldwin Station," developed in connection with 
United States v. Illinois Power and Dynegy Midwest Generation, Inc . 


.!12t Ibid. 


IB¥ Department of Energy, Energy Information Administration (Form EIA-767) for 2000. 
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b. Other Environmental Impacts 


No significant environmental impacts would occur from the use of a baghouse. Collected ash 
from the baghouse would need to be disposed of, but is not considered hazardous waste. 


c. Conclusion 


I conclude that an emission limit of 0.003 pound/million BTU based on the use of the use of a 
baghouse removing 99.7% of PM represented BACT at Baldwin Unit 1in1988. Compliance 
would have been monitored with EPA method 5 and use of an opacity CEMS. 


D. BACT Determinations for Baldwin Station: 2002 


1. BA CT Determination at Baldwin Units 1 and 2 


I am analyzing these two units together because they have designs that are virtually identical for 
the purposes of this analysis. These two units are currently burning coal from the Powder River 
Basin with a sulfur content of approximately 0.25%. They both also have overfire air installed, as 
well as infrastructure for SCR, although no catalyst is installed. Units 1 and 2 underwent 
upgrades to their ESPs in 1999. Although none of the results of these upgrades and changes are 
enforceable as permit conditions,lli the S02 and NOx controls IP has employed to date are 
presumably the result of Illinois Power's need to comply with acid rain (Title IV) provisions of 
the Clean Air Act. 


a. S02 Control 


To be analyzed together with Unit 3, below. 


b. NOx Control 


The available control options are: 


1. SCR 
2. OFA 
3. SNCR 
4. Coal or Gas Reburning 
5. Optimization system 


ill Joint Construction and Operating Permit issued February 19, 1999 (EPA 5776); Operating 
Permit issued January 5, 1996 (IPPR0-0019014); Operating Permit issued December 4, 1998 
(IPPR0-0019233); Operating Permit issued June 20, 1996 (IPPR0-0018725); Construction 
Permit issued April 14, 1998 (EPA 5775); Operating Permit issued June 26, 1997 ( IPPR0-
0019094). 
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1. Technical Feasibility 


SCR systems are now in wide use in the U.S. and worldwide, and have been applied to meet 
BACT emission limits for coal fired powerplants since 1990.illl Reported reduction efficiencies 
are up to 90%. At least 229 units at coal fired powerplants worldwide, including at least thirteen 
in the U.S., are now using SCR to control NOx emissions.ill~ 


OF A has also become a very widely used technology. In fact, Illinois Power installed OF A at 
Baldwin Units 1 and 2 in approximately 1999 .ill OF A can reduce emissions by as much as 50% 
in cyclone fired boilers. Illinois Power achieved reductions of about 62 % with its OF A 
installations.~ 


Reburn is a NOx control technology that involves diverting a portion of the fuel from the burners 
to a second combustion area (reburn zone) above the main combustion zone. Additional air is 
then added above the reburn zone to complete fuel burnout. The reburn fuel can be either natural 
gas, oil, or pulverized coal; however, most experience to date is with natural gas reburning. There 
are many technical issues in applying reburn, such as maintaining acceptable boiler performance 
when a large amount of heat input is moved from the main combustion zone to a different area of 
the furnace. Utilizing all the carbon in the fuel has been a problem in the past when pulverized 
coal is the reburn fuel.ill! Notwithstanding these concerns, at least one demonstration project on a 
cyclone fired boiler showed reburn technology achieving a NOx reduction of 50%, with minimal 


mt See, e.g. New Jersey Department of Environmental Protection, permit number 01-89-3086, 
issued on December 26, 1990 to Chambers Cogeneration Limited Partnership. 


ill See "Performance of Selective Catalytic Reduction on Coal-Fired Steam Generating Units," 
USEP A, June, 1997. This document may be found at website address: 
http://www.epa.gov I airmarkt/ arp/nox/scrfinal. pdf. 


~ See SCR Installations Spreadsheet, EPA Clean Air Markets Division, 2001. 


ill Deposition testimony of Arie Diericx, November 10, 2000. 


@ See "Appendix B-1: Compliance Results for All NOx Affected Units in 2000". This 
document may be found at website address 
http://www.epa.gov/airmarkets/cmprpt/arp00/appendixb1200.pdf. The reported emission rate for 
Baldwin Units 1 and 2 are 0.66 and 0.70 pound per million BTU, respectively. This is more than 
a 50% reduction compared to the uncontrolled rate of 1.8 pounds/MMBTU. 


ill! See U.S. EPA, Office of Air and Radiation, Office of Air Quality Planning and Standards, 
"Alternative Control Technologies Document NOx Emissions from Utility Boilers" March 1994. 
This information can be found at website address: http://www.epa.gov/ttn/catc/dirl/utboiler.pdf. 
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operational problems.@ 


SNCR has been described earlier. Emissions reductions of up to 80% of NOx have been 
demonstrated using SNCR on coal fired boilers.fil 


Optimization systems are new technologies that I have not described previously. Although these 
systems are often known generically as "neural nets," different manufacturers use various 
software and hardware. Optimization systems attempt to reduce NOx and improve boiler 
efficiency by monitoring a number of parameters, and then providing information to a plant's 
distributed control system. More than 200 boilers, most of them coal fired, are using an 
optimization technology. Reductions of as much as 40% are possible with optimization 
systems.m 


Some of the above technologies may be used effectively in conjunction with one another, and 
feasible combinations therefore should be considered. Specifically either SCR or SNCR may 
follow almost any other NOx emissions control technology. For example, use of OF A may be 
followed by an SCR system. OFA and reburning (both coal and gas) are considered to modify the 
combustion process, while SCR and SNCR are post-combustion processes. Emissions reductions 
achieved through use of combustion modification followed by SCR or SNCR are multiplicative. 
In other words, an emission reduction of 50% from an LNB followed by 80% control via SNCR 
will yield an overall reduction of 90% reduction. One exception to this rule is optimization 
systems, which operate on the combustion process. Little information is available as to the effect 
of optimization systems in conjunction with other emissions reductions retrofits. 


Because of the high NOx emission rate of an uncontrolled cyclone fired boiler (compared with 
tangentially fired boilers), effective NOx emissions control requires both combustion control as 
well as post combustion control. Illinois Power evaluated the options for controls at units 1 and 2 
in the early 90s and concluded that OF A would be a more cost effective option than reburning;fil 
for that reason I did not analyze rebuming further. Therefore, the options available are SCR or 
SNCR and OFA together, or OFA alone (i.e with no additional control). All three options are 


@ See "Demonstration of Coal Rebuming for Cyclone Boiler NOx Control," McDermott 
International Inc, 2001. This information can be found at website address: 
http://www.mtiresearch.com/expernce.html#Demonstration of Coal Reburn. 


fil See report of William Ellison, PE, Ellison Consultants, "Table 2, SCR Installations," 
developed in connection with United States v. Illinois Power and Dynegy Midwest Generation, 
Inc. 


m See "What's New in the Power Industry," World Bank, 2001, found at website address 
http://www.worldbank.org/html/fpd/em/power _industryl O.htm . 


.!2.1' See Illinois Power "Gas at Baldwin" report, dated May 1990 (IPPRO - 0003712). 
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amenable to the use of an optimization system. 


The next step is to determine an appropriate emission limit. In order to determine the emission 
limit, I considered both the effectiveness of the controls as well as the fact that this would be a 
retrofit to a thirty year old powerplant..!2.?I Based on Illinois Power's experience to date on Units 
l and 2, I determined that the OF A system, operating together with the optimization system, 
would easily achieve a 50% reduction. An SCR system is capable of controlling an additional 
90%, and perhaps as high as 95% of NOx. In determining the appropriate emission limit, I 
considered the potential emissions reductions achievable with each technology and the fact that 
this would be a retrofit, rather than a new installation. 


I also reviewed the proposed emission rates and permitted emission rates for recently announced 
or permitted coal fired powerplants.illf Most of these powerplants are subject to the BACT 
requirement under PSD. All of these plants would emit less than 0.15 pound/million BTU, 
because that is the maximum allowed under the NSPS.lli' However, cyclone fired boilers without 
controls emit far more NOx than other coal burning technologies, and of the currently proposed 
plants would be cyclone fired boilers. Therefore, it is difficult to make a direct comparison 
between recent BACT levels and the appropriate level for Baldwin Units 1 and 2. It is, instead, 
necessary to derive a BACT emission limit for Baldwin Units 1 and 2 based on the performance 
of demonstrated NOx control technologies. 


Based on the performance of the technologies discussed above, and the reductions achievable 
from these technologies, the "top" option for NOx control for Units 1 and 2 would be the 
combined use of overtire air, an optimization system, and SCR, as this combination would 
provide the greatest control efficiency. The overfire air system would reduce emission by at least 
50%, and SCR could reduce emissions by a further 90%. I assumed a combined removal 
effectiveness of approximately 92% from use of OF A and SCR. This rate assumes that OF A will 
reduce emissions between 60 and 70%, and SCR between 80 and 90%. As I discussed above, I 
did not assign a specific amount of emission reduction to the optimization system. Rather, the 
optimization system should improve the overall performance and cost effectiveness of NOx 
control. On the basis of IP's uncontrolled emission rate of 1.8 pound/million BTU, this 
combination of controls could result in removal of 92% of emissions, resulting in a controlled 
emission rate of0.14 pound/million BTU. This combination, i.e. OFA, SCR and optimization 
system, is the most effective control option available for NOx emissions control at Baldwin Units 
1 and 2 today . 


.!221 See PSD Appeal No. 94-1 (Masonite Corporation), 5 EAD 551, page 10. This document 
may be found at website address http://www.epa.gov/eab/eabpsd.htm. 


ill! See National Coal-Fired Utility Projects Spreadsheet, EPA Region 7, March 1, 2002. 


lli' See 40 C.F.R. § 60.40a (1979), "Standards of Performance for Electric Utility Steam 
Generating Units for Which Construction is commenced after September 18, 1978." 
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11. Other Environmental Effects 


Most of the options for NOx emissions control would have no significant other environmental 
effects. SCR and SNCR use ammonia, which could cause environmental effects if emitted in 
large amounts. However, ammonia slip is limited by design to about 3 ppm, so effects would not 
be likely to occur. 


m Cost Effectiveness 


The annual cost for SCR, OF A and an optimization system would be approximately $8.4 million 
for Unit 1 and $8.7 million for Unit 2.illl Based on a controlled rate of 0.14 pounds/MMBTU 
(controlling approximately 10,000 TPY ofNOx), the cost effectiveness of these controls would 
be $877 and 842/ton for Units 1 and 2, respectively.~ The costs associated with the combination 
of controls is conservative because I included the cost of installing OF A systems at Units 1 and 2, 
even though both already have OF A installed. 


This compares very favorably to the cost points I have used throughout the report. For example, 
as noted above, the New Jersey Department of Environmental Protection based on a cost 
effectiveness of$13,200/ton (in 1990/91 dollars). EPA's guidance related to presumptive BACT 
for NOx at refineries used $10,000/ton as an upper bound for BACT cost effectiveness. In 
comparison to these benchmarks, the cost of SCR, OF A and an optimization system is not 
unreasonable. 


1v. Conclusion 


Based on all of the above factors, I have determined that an emission limit of 0.14 pound/million 
BTU, 30 day rolling average, based on use of the combination of OF A, SCR capable of90% 
control, and an optimization system, represents current day BACT for emissions ofNOx at 
Baldwin Units 1 and 2. Compliance with this limit would be monitored via use of a CEMS. 


c. Particulate Matter 


i. Technical Feasibility 


Control technologies available for particulate control are essentially the same as those discussed 
earlier: ESPs and baghouses. Two kinds ofbaghouses are currently available for consideration 
for coal fired powerplants: pulse-jet baghouses and reverse air baghouses. The difference 


ill! See report of Dan Mussatti and Larry Sorrels, "Estimated Costs for the Installation of S02, 


NOx and PM Control Devices at Illinois Power's Baldwin Station," developed in connection with 
United States v. Illinois Power and Dynegy Midwest Generation, Inc. 


~ See Table 3d for calculations. 
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between the two technologies relates to the way in which captured particles are removed from 
the bags after the bags collect the particles. Emission rates for new facilities controlled by ESPs 
and baghouses range from about 0.015 to 0.020 pound/MMBTU. These emission rates reflect 
control of approximately 99.7% (see also PM analyses, 1985 and 1988) . .!2.?1 


11. Other Environmental Impacts 


Neither baghouses nor ESPs would have any significant other environmental effects. The 
material collected in baghouses and ESPs is not considered hazardous, and may be disposed of in 
accordance with regulations for non-hazardous waste. 


m. Cost Analysis 


I analyzed the cost of complying with the lowest limit currently proposed for new powerplants: 
0.015 pound/million BTU. As discussed in the earlier timeframes, (see 1985 and 1988 analyses 
above), a baghouse was the least expensive option. The same conclusion was reached for the 
present day. Therefore, only options for using a baghouse to control emissions were analyzed. Of 
the two baghouse options, the pulse jet design is less expensive, with a initial capital investment 
of $46.1 million, and annual operating costs of approximately $1.1 million. The total annualized 
cost for a pulse-jet baghouse would be $8.3 million . .!2§' 


I estimate that the total cost effectiveness would be $302/ton of particulate removed (assuming 
that the baghouse would replace the current ESP). 


As I have noted earlier, comparable cost effectiveness values are not available for cyclone fired 
boilers (which have much lower inlet PM loadings than tangentially fired boilers). However, 
construction cost data are available for powerplants constructed in the 2002 timeframe. These 
data show that the estimated construction cost for a baghouse is similar to that of other 
contemporaneous sources. For example, Public Service Electric & Gas Company's Mercer Unit 
(326 MW, about half the size of the Baldwin units), built in 1994, reported a capital cost of$38.9 
million for its ESP removing 99.8% of PM.122' Data reported from powerplants constructed 
earlier, discussed in the 1985 and 1988 timeframes, also show that the capital cost estimated for a 
new pulse-jet baghouse at Baldwin Units 1 and 2 is at the low end compared to these other 
powerplants. The cost is therefore not unreasonable . 


.!2.?1 See National Coal-Fired Utility Projects Spreadsheet, EPA Region 7, March 1, 2002 . 


.!2§' See report of Dan Mussatti and Lany Sorrels, "Estimated Costs for the Installation of S02, 


NOx and PM Control Devices at Illinois Power's Baldwin Station," developed in connection with 
United States v. Illinois Power and Dynegy Midwest Generation, Inc . 


.!22' Department of Energy, Energy Information Administration (Form EIA-767) for 2000. 
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iv. Conclusion 


I therefore conclude that an emission rate of 0.006 pounds per million BTU~ based on use of a 
99.6% efficient pulse jet baghouse is BACT for particulate matter at Baldwin Units 1 and 2. 
Monitoring would be via EPA method 5, and triboelectric broken bag monitors. 


2. BA CT Determination for Baldwin Unit 3 


Unit 3 is also currently burning coal from the Powder River Basin with a sulfur content of 
approximately 0.25%. Unit 3 was retrofitted with a low NOx burner in l 994.1Q.!/ The ESP was 
upgraded in 2000 . .illl Although none of the results of these upgrades and changes are enforceable 
as permit conditions,illf the S02 and NOx controls IP has employed to date are presumably the 
result of Illinois Power's need to comply with acid rain (Title IV) provisions of the Clean Air 
Act. 


a. S02 Control (applicable to Units l, 2 and 3) 


The following options are available for S02 control: 


b. Wet Limestone Scrubbing 
c. Wet Lime scrubbing buffered by Magnesium Oxide 
d. Dry Scrubbing. 


i. Technical Feasibility 


I have previously addressed the technical feasibility of the two wet scrubbing options. To 
summarize, both wet scrubbing options are currently available, and demonstrated with removal 
efficiencies of up to 97%. 


In the dry scrubbing process, flue gas is sent to a spray dryer absorber (SDA). In the SDA, a fine 
mist of lime slurry is sprayed into the flue gas. Heat from the flue gas evaporates the moisture in 
the slurry cloud while the alkaline slurry simultaneously absorbs the S02in the flue gas. The 
result is the conversion of the calcium hydroxide component of the slurry into a fine powder of 
calcium/sulfur compounds, and lowering of the flue gas temperature. Removal efficiencies of up 


~ See Table 4d for calculations. 


1Q.!/ IP Permit Application dated January 19, 1993. IPPR0-0032541. 


.ill! Operating Permit issued June 26, 1997. IPPR0-0019094. 


ill! Ibid., and IP Permit Application dated January 19, 1993. IPPR0-0032541. 
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to 90% with PRB coal have been demonstrated.~ 


Illinois Power has now been using PRB coal since 1999, which, for the purpose of this analysis, 
has a sulfur content of approximately 0.6%.A large number of facilities are burning western coal 
and scrubbing 90% or greater, using one of the above technologies. Several plants using coal 
with less than 1 % sulfur coal are removing 95% of the S02 from the flue gas. For example, 
Bonanza Unit 1-1 (owned by Deseret Generation and Transmission Co-op) is using coal with a 
0.5% sulfur, and removing 95% of the emitted S02 with a wet limestone scrubber.I@ 


All three scrubbing technologies are technically feasible and available. Both wet scrubbing 
technologies have been demonstrated to remove over 95% of S02 from western coal, and up to 
97% of S02 from eastern, high sulfur coals. Dry scrubbing has been demonstrated to remove up 
to 90% of S02 from western coal. Wet scrubbing is therefore the "top," or most effective option. 


IL Other Environmental Impacts 


Wet scrubbers produce a sludge that requires may have economic use. If not used, it must be 
disposed in a landfill. This sludge is not considered hazardous waste. Dry scrubbers produce a 
powder that may also be disposed in a landfill, and is also not considered hazardous waste. No 
other significant environmental effect occur due to the use of scrubbers. 


m. Cost Effectiveness 


The capital cost to install a wet limestone scrubber2....Q9' today would be $71.4 million at each of 
Baldwin units. Annual operating costs for Units 1 and 2 would be $8.0 to 8.3 million per unit; 
annual operating costs for Unit 3 would be $8.4 to 8.7 million (the difference reflects the higher 
assumed capacity factor for Unit 3). Total annualized cost would be approximately $15.9 million 
per unit for Units 1 and 2, and $16.3 million for Unit 3.m Assuming a removal efficiency of 


~ See "Retrofitting Lime Spray Dryers at Public Service Company of Colorado," R. Telesz et. 
al., Presented to Power-Gen International 2000, November 200. This document may be found at 
website address: http://www.babcock.com/pgg/tt/pdf/BR-1707.pdf. 


I@ See "Table 30: Flue Gas Desulfurization (FGD) Capacity in Operation at U.S. Electric Utility 
Plants as of December 1999." This information can be found at website address: 
http://www.eia.doe.gov/cneaf/electricity/epav2/html_ tables/epav2t30p I .html and following 
pages. 


'l:2!!f Prior analyses (see e.g. 1982 analysis) offered in this report establish this technology as the 
lower cost wet scrubbing option, compared to wet lime scrubbing buffered magnesium oxide. 


m See report of Dan M ussatti and Larry Sorrels, "Estimated Costs for the Installation of S02, 


NOx and PM Control Devices at Illinois Power's Baldwin Station," developed in connection with 
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95%, the cost effectiveness, therefore, would be approximately $652/ton for Units 1 and 2, and 
$570/ton for Unit 3.~ 


In order to ensure that the costs estimated for the scrubber are not excessive, I reviewed other 
BACT determinations and EPA policy documents. I reviewed the cost effectiveness of 
eighteen powerplants permitted between 1979 and 1999 with BACT requirements for scrubbers. 
Of those where a dollar per ton cost effectiveness was listed, the range (once converted to 2001 
dollars) is $234 to 7129/ton.M Also, as noted, EPA's guidance related to presumptive BACT for 
NOx at refineries used $10,000/ton as an upper bound for BACT cost effectiveness. The 
estimated costs for wet limestone scrubbing at the Baldwin powerplant today is toward the low 
end of the range of these permits and EPA guidance. The cost is therefore not unreasonable.ill¥ 


iv. Conclusion 


Based on the above information, I have determined that BACT for S02 at Baldwin station today 
is an emission rate of 0.095 pounds per million BTU based on 95% scrubbing and assuming use 
of coal with 0.6% sulfur.ill Compliance with this limit would be monitored with a CEMS. 


b. NOx Control 


The available control options are: 


1. LNB 
2. SCR 
3. OFA 
3. SNCR 
4. Coal or Gas Reburning 
5. Optimization system 


United States v. Illinois Power and Dynegy Midwest Generation, Inc. 


lQ.§1 See Table 8d and Se for calculations. 


M See Table 11, Cost Effectiveness ofBACT Determinations for S02• Most of the higher cost 
effectiveness values attach to facilities burning lower sulfur coal, while lower cost effectiveness 
correlates to facilities burning higher sulfur coal. 


lli¥ The cost estimate presented here may, in fact, be conservative. Some literature suggests that 
S02 scrubber costs have recently gone down. See "Cost of S02 Scrubbers Down to $100/K.W, 
Douglas Smith, Senior Editor, Power Engineering, September, 2001. 


ill Calculated by using a controlled emission rate of 533 pound/hr and 5587 million BTU/hr. 
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l. Technical Feasibility 


As with Units 1 and 2, several NOx control options may be used singly or in combination at 
Baldwin Unit 3. The same options discussed above as currently feasible for NOx control on Units 
1 and 2 are technically feasible and demonstrated for use on Unit 3. In addition, as I discussed in 
the 1982 time frame, low NOx burners are also technically feasible and available for tangentially 
fired boilers such as Baldwin's Unit 3. In fact, Illinois Power installed a low-NOx burner in Unit 
3 in 1994. Emission rates from IP's 1994 installation were about 0.3 pound/million BTUill'. 
Emission rates from LNBs have improved dramatically since the 1994 installation. At least three 
manufacturers have demonstrated LNBs that attain NOx emission rates around 0.15 
pound/million BTU.ill.illf.filt OFA is often an integral part of the design of newer LNBs (in fact, 
the currently installed LNBs at Unit 3 include integral OF Ali.9'), or may be added in a location 
near the burner in the boiler.ill In addition to LNBs, SCR or SNCR may be used as a post
combustion control. Most new coal fired poWerplants that are permitted with SCR also use 
combustion controls such as LNBs.fil They may also use optimizations systems to enhance 
boiler efficiency and reduce NOx. 


mi See "Emissions Data and Compliance Reports," USEP A. These data may be found at website 
address: http://www.epa.gov/airmarkets/emissions/index.html 


ill Tangential Low NOx System at Reliant Energy's Limestone Unit 2 Cuts Texas Lignite, PRB 
and Pet Coke NOx, Ron Pearce, Reliant Energy and John Grusha, Foster Wheeler Energy 
Corporation, May 30, 2001. 


ill! Maximize PRB Coal Usage in Conjunction with In-Furnace NOx Solutions to Minimize Cost 
ofNOx Compliance, James Topper, Herb Blue, Jim Pomaranski, Consumers Energy, Ed Rebula, 
Robert Lewis, ALSTOM Power, undated. 


ill' "4 X 5 50 MWe Boiler Operating Experience at 0.15 lb/MMBTU NOx Emission Level Firing 
a Broad Range of Coals," A.D. La Rue et. al., Presented at EPRI-DOE-EPA Combined Utility 
Air Pollutant Control Symposium, August 1999. This document can be found at website 
address:http://www.babcock.corn/pgg/tt/pdf/BR-1682 .pdf. 


ll9' Deposition testimony of Arie Diericx, November 10, 2000. 


ill See "B&W's Experience Reducing NOx Emissions in Tangentially-Fired Boilers-2001 
update," A. Kokkinos et. al., Presented to Power-Gen International 2001, December 2001. This 
document may be found at website location: http://www.babcock.com/pgg/tt/pdf/BR-l 726.pdf. 


fil See, eg, "PREVENTION OF SIGNIFICANT DETERIORATION CONSTRUCTION 
PERMIT 888 REVIEW DOCUMENT," issued to Kansas City Power and Light for the Hawthorn 
Generating Station. 
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Just as with Units 1 and 2, some of the above technologies may be used effectively in 
conjunction with one another, and feasible combinations therefore should be considered. 
Specifically either SCR or SNCR may follow almost any other NOx emissions control 
technology. 


Several powerplants have recently been built or modified with a combination of LNBs and SCR. 
For example, the Chambers Cogeneration facility, an new plant permitted in 1990, has both 
LNBs and SCR,llil as does the Hawthorn facility, a new plant permitted in 2001.ll.!¥ 


The currently installed LNB at Unit 3 achieves levels of about 0.3 pound/million BTU NOx. 
With the additional use of an SCR system removing 90% of the NOx exiting the burner, 
emissions of 0.04 pound/million BTU are readily achievable using the current LNB. 
Replacement of the current LNB with a state-of-the-art LNB would, together with the use of 
SCR, allow Unit 3 to reach an emissions level of 0.015 pounds/MMBTU NOx. However, since 
this is a retrofit, rather than a new powerplant, it may be difficult to achieve the lowest levels 
reached by new plants. Therefore, I would conclude that an emission rate of 0.02 
pounds/MMBTU would represent the most effective level of NOx. control currently achievable at 
Baldwin Unit 3. A limit of 0.02 pound/million BTU appears to be somewhat lower than limits in 
recently issued PSD permits for coal fired powerplants.lli However, as I have shown above, it is 
readily achievable using currently available controls (i.e. SCR, LNB and optimization). For 
example, the AES Somerset plant in New York, a 675 MW boiler, has reduced its emissions to 
0.05 pounds per million BTU, a 90% reduction using only SCR.illl 


11. Other Environmental Effects 


Most of the options for NOx emissions control would have no significant other environmental 
effects. SCR and SNCR use ammonia, which could cause environmental effects if emitted in 


llil See New Jersey Department of Environmental Protection, permit number 01-89-3086, issued 
on December 26, 1990 to Chambers Cogeneration Limited Partnership. 


m¥ See "PREVENTION OF SIGNIFICANT DETERIORATION CONSTRUCTION PERMIT 
888 REVIEW DOCUMENT," issued to Kansas City Power and Light for the Hawthorn 
Generating Station. 


ID See National Coal-Fired Utility Projects Spreadsheet, EPA Region 7, March 1, 2002 . 


.ill/ See Selective Catalytic Reduction Retrofit of a 675 MW Boiler at AES Somerset and Update 
of SCR Retrofit on a 675MW Boiler at AES Somerset, Nischt et al, Presented to ICAC NOx 
Forum, March 2000, and to ASME Joint Power Generation Conference, July 2000. These 
documents can be found at web site addresses http://www.babcock.com/pgg/tt/pdf/BR-1698.pdf 


. http://www.babcock.com/pgg/tt/pdf/BR-1703.pdf. 
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large amounts. However, ammonia slip is limited by design to about 3 ppm, so effects would not 
be likely to occur. 


ui. Cost Effectiveness 


The top BACT option be the use of LNBs, SCR, and an optimization system. The annualized 
cost of an SCR system at Baldwin Unit 3 today would be $8.3 million.ill This cost is higher 
than the estimated cost for an SCR system at Units 1 and 2 because those two units already have 
significant portions of the necessary SCR infrastructure installed, while Unit 3 does not.llif.WJ 


The annualized cost of new LNBs would be $1.5 million, and the annualized cost of an 
optimization system would be $18,000.lli'·illi The total annualized cost would be $9.8 million, 
and would reduce approximately 3,900 TPY (this reduction is substantially smaller than potential 
reductions at Units 1 and 2 because Units 1 and 2 have a substantially larger uncontrolled NOx 
emission rate). The cost effectiveness of this combined option would be $2539/ton.~ 


The costs of achieving 0.02 pound/MMBTU are well within the range of costs estimated in 
recent PSD permits for coal fired powerplants. For example, coal fired powerplants permitted 
since 1990 have been required to install controls with predicted cost effectiveness that ranges 
from $1690 (in 1999) to $13,196/ton (in 1990).llil 


ill See report of Dan Mussatti and Larry Sorrels, "Estimated Costs for the Installation of S02, 


NOx and PM Control Devices at Illinois Power's Baldwin Station," developed in connection with 
United States v. Illinois Power and Dynegy Midwest Generation, Inc. 


ill/ Ibid. 


WI Deposition testimony of Arie Diericx, November 10, 2000. 


lli' See report of Dan Mussatti and Larry Sorrels, "Estimated Costs for the Installation of S02, 


NOx and PM Control Devices at Illinois Power's Baldwin Station," developed in connection with 
United States v. Illinois Power and Dynegy Midwest Generation, Inc. 


m Information from manufacturers of these systems show that these systems often yield both net 
cost savings and NOx emission reductions. See "Full Scale Implementation Results for GNOCIS 
(tm) Plus," George Warriner, URS Corporation, Steve Logan, Southern Company Services, Steve 
Pascoe, Powergen, James Noblett. Presented at the USDOE-EPRI combined Power Plant Air 
Pollution Control Symposium, August, 2001. "At some plants, lowering NOx can be done 
simultaneously with increasing efficiency." 


~ See Table 3e for calculations. 


llil See Table 10, BACT Cost Effectiveness for NOx Controls. 


51 







iv. Conclusion 


I have determined that BACT for NOx emissions at Baldwin Unit 3 today is an emission limit of 
0.020 pound/million BTU and use ofLNBs, an optimization system, and the use of SCR. Illinois 
Power would be able to request that this limit be raised as high as 0.04 pounds/MMBTU if they 
could demonstrate that 0.020 is not achievable. I would provide this flexibility because this is a 
retrofit, and therefore more difficult. Compliance with this limit would be monitored with a 
CEMS. 


c. Particulate Matter 


Control technologies available for particulate control are the same as those discussed earlier, with 
improvements in efficiency and reliability. Emission rates for new facilities controlled by ESPs 
and baghouses range from about 0.015 to 0.02 pound/MMBTU.m Illinois Power upgraded its 
ESP in 1999 as part of its preparation to begin burning PRB coal.ID As I discussed in the 1982 
case above, the original performance of Unit 3 was far better than the performance of Units 1 and 
2. Although we currently have no data about the current performance of Unit 3's ESP, it appears 
that the original design, together with the upgrade, may be capable of meeting a limit of 0.015, 
the lowest limit currently set for BACT. 


However, I evaluated the cost of a replacement PM control device, in order to determine what the 
cost might be ifthe Unit 3 ESP cannot perform at the necessary level to meet BACT. Assuming 
an emission rate of0.015 pound/MMBTU, the capital cost of a new baghouse at Baldwin Unit 3 
would be $43.8 million, and the annualized cost would be approximately $10 million. The cost 
effectiveness of that baghouse would be $69/ton. This is similar to other recently permitted 
powerplants. For example, the cost estimated for the Chambers Works Cogeneration Project for 
PM control (to 0.3 pound/MMBTU) in 1989 was $78/ton.m More recently, the KCP&L 
Hawthorn Unit 5 permit application proposed use of a baghouse with a cost effectiveness of 
$82/ton.ID However it is unlikely that Illinois Power would be required to incur these costs, in 
that Illinois Power could improve the performance of the ESP by adding a field or a "polishing" 
baghouse, likely at a substantially lower cost than a new device. 


m See National Coal-Fired Utility Projects Spreadsheet, EPA Region 7, March 1, 2002. 


ID Deposition testimony of Arie Diericx, November 10, 2000. 


m See Best Available Control Technology Analysis for Keystone Cogeneration Facility, Bechtel 
Power Corporation, October, 1989. 


mt See Prevention of Significant Deterioration Construction Permit Application: Replacement of 
Unit 5 at the Hawthorn Generating Station, Bums and McDonnell, May 1999. 
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Conclusion 


I therefore have determined that BACT for PM at Baldwin Unit 3 is an emission limit of 0.015 
pound/million BTU, based on use of an ESP or baghouse. Compliance would be monitored with 
aCEMS. 
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Last Updated:  October 17, 2006


No. PLANT GAS 
SOURCE


GAS FLOW RATE 
(Nm3/H) FUEL DeNOx 


(EFF.) %
COMMERCIAL 
OPERATION COUNTRY


1 AEP - Gavin  Unit 1 (replacement- 3 layers) CB 4,493,551 Coal 90 2005 USA
2 AEP - Mountaineer (replacement- 3 layers) CB 1300 MW Coal 90 2006 USA
3 B&W/AES/SOMERSET (KINTIGH) CB 2,266,800 COAL 90 2000 USA
4 B&W/Black Hills/Wygen 1 Unit 3 CB 346,600 Coal 34 2003 USA
5 B&W/FIRST ENERGY/MANSFIELD UNIT 1 CB 2,578,400 COAL 90 2003 USA
6 B&W/FIRST ENERGY/MANSFIELD UNIT 2 CB 2,578,400 COAL 90 2003 USA
7 B&W/FIRST ENERGY/MANSFIELD UNIT 3 CB 2,578,400 COAL 90 2004 USA
8 B&W-C/ONTARIO POWER GEN LAMBTON, UNITS 3 & 4 CB 510 MWe EACH COAL/PET COKE 82.2 2002/2003 CANADA
9 B&W-C/ONTARIO POWER GEN NANTICOKE, UNITS 7 & 8 CB 508 MWe EACH PRB/COAL 84 2003/2004 CANADA
10 B&W/Kansas City P&L/Hawthorne 5 CB 1,961,900 COAL 56 2001 USA
11 B&W/OPG/Lambton 3 CB 1,701,000 COAL 82 2003 USA
12 B&W/OPG/Lambton 4 CB 1,701,000 COAL 82 2002 USA
13 B&W/OPG/Nanticoke 7 CB 1,846,800 COAL 84 2004 USA
14 B&W/OPG/Nanticoke 8 CB 1,846,800 COAL 84 2003 USA
15 B&W/RELIANT-KEYSTONE, UNITS 1 & 2 CB 900 MWe EACH COAL 90 2003 USA
16 BBP/KU GHENT STATON, UNIT 1 CB 1,891,700 COAL 90 2004 USA
17 BBP/KU GHENT STATON, UNIT 3 CB 1,935,600 COAL 90 2004 USA
18 BBP/KU GHENT STATON, UNIT 4 CB 1,935,600 COAL 90 2004 USA
19 BBP/LG&E MILL CREEK STATION, UNIT 4 CB 1,719,700 PET COKE/COAL 90 2003 USA
20 BBP/LG&E MILL CREEK STATON, UNIT 3 CB 1,478,200 PET COKE/COAL 90 2003 USA
21 BBP/LG&E TRIMBLE STATION CB 525 MW PET COKE/COAL 90 2002 USA
22 BBP/WKE WILSON STATION CB 1,828,800 PET COKE/COAL 90 2003 USA
23 BPI/AEP Mitchell Units 1 and 2 CB 800 MW Coal 90 2006 USA
24 FW/AES Deepwater CB 150MW Pet Coke 90 2007 USA
25 FW/CP&L  ROXBORO 4 CB 1,206,000 Coal 79 2001 USA
26 FW/Muskingum River 5 CB 1,995,570 COAL 90 2005 USA
27 FW/USGEN/CARNEYS POINT #1 3rd EXTENSION CB 245 MW COAL － 2002 USA
28 FW/USGEN/CARNEYS POINT #2 1st EXTENSION CB 245 MW COAL － 2000 USA
29 FW/USGEN/CARNEYS POINT #2 2nd EXTENSION CB 245 MW COAL － 2002 USA
30 FW/USGEN/INDIANTOWN 1st EXTENSION CB 370 MW COAL － 1999 USA
31 FW/USGEN/INDIANTOWN 2nd EXTENSION CB 370 MW COAL － 2002 USA
32 FW/USGEN/LOGAN 1st EXTENSION CB 230 MW COAL － 2001 USA
33 FW/USGEN/LOGAN+B8 2nd EXTENSION CB 230 MW COAL － 2004 USA
34 LG&E/Trimble County 1 (Addition) CB 1,931,500 COAL 90 2005 USA
35 MEC / Council Bluffs Energy Center Unit 4 CB 2,665,855 COAL 66.7 (2007) USA
36 MidAmerican Council Bluffs CB 790 MW PRB 80 2007 USA
37 Petersburg Unit 2 CB 1,552,066 COAL 90 2005 USA
38 Petersburg Unit 3 CB 1,878,943 COAL 90 2005 USA
39 Reliant - Keystone 1 (Replacement) CB 2,756,000 COAL 90 2005 USA
40 Santee Cooper Cross Unit 3 & 4 CB 1,851,897 COAL 77 (2006) USA
41 Springerville Unit 3 CB 1,354,885 COAL 44.5 (2006) USA
42 Wisconsin Energy/ Elm Road Units 1 & 2 CB 680 MW Coal 80 2008/2009 USA
43 CCPC 330t/h BOILER CB 343,200 COAL 71.4 2004 TAIWAN
44 FCFC 350t/h BOILER(G-8) CB 358,400 COAL 80 (2001) TAIWAN
45 FCFC 500t/h BOILER(LT-2) CB 512,800 COAL 81 (2001) TAIWAN
46 FCFC/FHI 520t/h BOILER IB 450,600 COAL 80 (2000) TAIWAN
47 FHI 500t/h BOILER (HP-1) Extension IB 457,300 COAL/OIL 80 2004 TAIWAN
48 FHI 500t/h BOILER (HP-2) Extension IB 457,300 COAL/OIL 80 2004 TAIWAN
49 FHI 500t/h BOILER (HP-3) Extension IB 457,300 COAL 80 (2003) TAIWAN
50 FHI 540t/h BOILER (HP-4) IB 510,000 COAL 81 (2005) TAIWAN
51 FHI 540t/h BOILER (MP-6) IB 510,000 COAL 81 2003 TAIWAN
52 FHI 540t/h BOILER (MP-6) Extension IB 510,000 COAL 88.1 (2008) TAIWAN
53 FP1-#1 Extension CB 600MW COAL 80 2003 TAIWAN
54 FP1-#1 Extension CB 600MW COAL 85 (2007) TAIWAN
55 FP1-#2 Extension CB 600MW COAL 80 2003 TAIWAN
56 FP1-#2 Extension CB 600MW COAL 85 (2005) TAIWAN
57 FP1-#3 CB 600MW COAL 73 2000 TAIWAN
58 FP1-#3 Extension CB 600MW COAL 85 (2009) TAIWAN
59 FP1-#4 Extension CB 600MW COAL 80 (2007) TAIWAN
60 FP1-#5 CB 600MW COAL 73 (2004) TAIWAN
61 HOPING-#1 CB 660MW COAL 83 (2001) TAIWAN
62 HOPING-#2 CB 660MW COAL 83 (2002) TAIWAN
63 JP-3 IB 338,400 COAL/OIL 68 2003 TAIWAN
64 MP1-#1 Extenstion IB 314,000 COAL/OIL 80 2003 TAIWAN
65 MP1-#1 Extenstion IB 342,600 COAL 87 (2007) TAIWAN
66 MP1-#2 Extension IB 314,000 COAL/OIL 80 2003 TAIWAN
67 MP1-#2 Extension IB 342,600 COAL 87 (2007) TAIWAN
68 MP1-#3 Extension IB 314,000 COAL/OIL 80 2003 TAIWAN
69 MP1-#3 Extension IB 342,600 COAL 87 (2007) TAIWAN
70 MP1-#4 Extension IB 314,000 COAL/OIL 80 2003 TAIWAN
71 MP1-#4 Extension IB 342,600 COAL 87 (2006) TAIWAN
72 MP1-#5 Extension IB 314,000 COAL/OIL 80 2004 TAIWAN
73 MP1-#5 Extension IB 342,600 COAL 87 (2008) TAIWAN
74 NAN-YA 200t/h BOILER (JH-2) CB 198,500 COAL 83 (2003) TAIWAN
75 SK-4 CB (500t/h) COAL 80 (2005) TAIWAN
76 TAICHUNG 1 CB 550MW COAL 80 (2003) TAIWAN
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77 TAICHUNG 10 CB 550MW COAL 83 (2005) TAIWAN
78 TAICHUNG 2 CB 550MW COAL 80 (2003) TAIWAN
79 TAICHUNG 3 CB 550MW COAL 80 (2001) TAIWAN
80 TAICHUNG 4 CB 550MW COAL 80 (2002) TAIWAN
81 TAICHUNG 5 CB 550MW COAL 50 1996 TAIWAN
82 TAICHUNG 5 CB 550MW COAL 80 1996 TAIWAN
83 TAICHUNG 5 Extension CB 550MW COAL 80 (2001) TAIWAN
84 TAICHUNG 6 CB 550MW COAL 50 1996 TAIWAN
85 TAICHUNG 6 CB 550MW COAL 80 1996 TAIWAN
86 TAICHUNG 6 Extension CB 550MW COAL 80 (2001) TAIWAN
87 TAICHUNG 7 CB 550MW COAL 50 1997 TAIWAN
88 TAICHUNG 7 CB 550MW COAL 80 1996 TAIWAN
89 TAICHUNG 7 Extension CB 550MW COAL 80 (2000) TAIWAN
90 TAICHUNG 8 CB 550MW COAL 50 1997 TAIWAN
91 TAICHUNG 8 CB 550MW COAL 80 1997 TAIWAN
92 TAICHUNG 8 Extension CB 550MW COAL 80 (2000) TAIWAN
93 TAICHUNG 9 CB 550MW COAL 83 (2005) TAIWAN
94 UP1-#A (Rejuvenation) CB 600MW COAL 80 2005 TAIWAN
95 UP1-#A Extension CB 600MW COAL 80 2001 TAIWAN
96 UP1-#A Extension CB 600MW COAL 85 (2007) TAIWAN
97 UP1-#B Extension CB 600MW COAL 80 2004 TAIWAN
98 UP1-#B Extension CB 600MW COAL 85 (2008) TAIWAN
99 YFGI 200t/h BOILER IB 198,000 COAL 78.6 (2008) TAIWAN
100 CONFIDENTIAL FBC 255,000 COAL 33 1992 SWEDEN
101 CONFIDENTIAL FBC 255,000 COAL 33 1993 SWEDEN
102 VASTERAS 1 CB 190,000 COAL 84 1990 SWEDEN
103 VASTERAS 2 CB 190,000 COAL 84 1991 SWEDEN
104 VASTERAS 3 CB 350,000 COAL 80 1993 SWEDEN
105 VASTERAS 4 CB 555,000 COAL 86 1992 SWEDEN
106 MAASVLAKTE CB 1,638,000 COAL - 2006 Netherlands
107 Boryeong #4 CB 1,671,630 COAL 80 (2007) KOREA
108 Boryeong #5 CB 1,671,630 COAL 80 (2006) KOREA
109 Boryeong #6 CB 1,671,630 COAL 80 (2005) KOREA
110 Boryeong #7 CB 1,490,295 COAL 66.67 (2008) KOREA
111 Boryeong #8 CB 1,490,295 COAL 66.67 (2008) KOREA
112 DANGJIN #7 CB 1,425,740 COAL 70.8 (2007) KOREA
113 DANGJIN #8 CB 1,425,740 COAL 70.8 (2007) KOREA
114 TAEAN #7 CB 1,489,934 COAL 66.7 (2007) KOREA
115 TAEAN #8 CB 1,489,934 COAL 66.7 (2007) KOREA
116 TANGJIN #5 CB 1,461,420 COAL 67.5 (2005) KOREA
117 TANGJIN #6 CB 1,461,420 COAL 67.5 (2006) KOREA
118 Yonghung Unit 1 CB 800MW COAL 72 2004 KOREA
119 Yonghung Unit 2 CB 800MW COAL 72 (2005) KOREA
120 CHIBA FBC 62,500 COAL 66 1987 JAPAN
121 CHUBU CB (700MW) COAL 80 1992 JAPAN
122 CHUGOKU / Mizushima 1 CB 450,000 COAL 80 1984 JAPAN
123 CHUGOKU / Mizushima 2 CB 540,000 COAL 80 1984 JAPAN
124 CHUGOKU / Osaki 1 PFBC (250MW) COAL 85 1999 JAPAN
125 E.P.D.C / Takehara 1 CB 399,500 COAL 80 1981 JAPAN
126 E.P.D.C / Takehara 3 CB 2,320,000 COAL 80 1983 JAPAN
127 E.P.D.C. FBC 188,700 COAL 60 1987 JAPAN
128 E.P.D.C. CB 3,100,000 COAL 80 1990 JAPAN
129 E.P.D.C. / Matsuura2 CB (1000MW) COAL 72 1997 JAPAN
130 E.P.D.C. / Tachibana-Wan 2 CB (1050MW) COAL 80 2000 JAPAN
131 E.P.D.C. / Wakamatsu PFBC (70MW) COAL 76 1994 JAPAN
132 FUTATSUKA IB 91,200 PET COKE 70 1988 JAPAN
133 HIROHATA 6 CB 413,000 COAL 80 1996 JAPAN
134 HIROHATA 7 CB 413,000 COAL 80 1999 JAPAN
135 HOKKAIDO / Tomato Atsuma 1 CB 280,000 COAL 80 1980 JAPAN
136 HOKURIKU / Nanao Ohota 1 CB (500MW) COAL 65 1995 JAPAN
137 HYOGO IB 155,000 COAL 60 1986 JAPAN
138 KAWASAKI IB 95,000 PET COKE 46 1986 JAPAN
139 KAWASAKI 3 CB 283,000 PET COKE 97 1996 JAPAN
140 KAWASAKI 4 CB 283,000 PET COKE 97 1997 JAPAN
141 MIZUSHIMA 7 CB 283,000 PET COKE 67 1998 JAPAN
142 OKINAWA / Gushikawa 2 CB (156MW) COAL 52 1995 JAPAN
143 SHIKOKU / Tachibana-Wan 1 CB (700MW) COAL 80 2000 JAPAN
144 SOMA JOINT / Shinchi 1 CB (1000MW) COAL 80 1994 JAPAN
145 TOHOKU / Haramachi CB (1000MW) COAL 74 1998 JAPAN
146 TOHOKU / Sendai 2 CB 599,000 COAL 60 1983 JAPAN
147 TOHOKU / Sendai 3 CB 599,000 COAL 60 1983 JAPAN
148 TOKYO CB (1000MW) COAL 85 2003 JAPAN
149 TOYAMA JOINT / Tayama Shinko 1 CB 629,000 COAL 53 1984 JAPAN
150 TOYAMA JOINT / Tayama Shinko 2 CB 629,000 COAL 53 1984 JAPAN
151 YAHATA CB 413,000 COAL 80 1999 JAPAN
152 BRINDISI SUD 1 CB (660MW) COAL 80 1996 ITALY
153 BRINDISI SUD 2 CB (660MW) COAL 80 1996 ITALY
154 BRINDISI SUD 3 CB (660MW) COAL 80 1997 ITALY
155 BRINDISI SUD 4 CB (660MW) COAL 80 1997 ITALY
156 TORREVALDALIGA NORD 2 CB 1,910,700 COAL 79 (2008) ITALY
157 TORREVALDALIGA NORD 3 CB 1,910,700 COAL 79 (2008) ITALY
158 TORREVALDALIGA NORD 4 CB 1,910,700 COAL 79 (2009) ITALY
159 DATTELN 3(REPLACEMENT) CB 411,000 COAL - 2004 GERMANY
160 FARGE(REPLACEMENT) CB 1,060,000 COAL - 2004 GERMANY







161 FWK BUER CB 439,000 COAL - 2005 GERMANY
162 HEYDEN 4 CB 2,470,000 COAL 75 1989 GERMANY
163 HEYDEN 4 Replacement CB (770MW) COAL - 2001 GERMANY
164 HEYDEN 4(ADDITION) CB 2,520,000 COAL - 2005 GERMANY
165 KNEPPER C CB 260,000 COAL 90 1986 GERMANY
166 KNEPPER C (EXT) CB 510,000 COAL 90 1988 GERMANY
167 LEININGERWERK 5 CB 1,400,000 COAL 70 1988 GERMANY
168 MEHRUM 3 CB 2,240,000 COAL 75 1988 GERMANY
169 MEHRUM 3 (REJ.) CB 2,240,000 COAL - 2003 GERMANY
170 MEHRUM(ADDITION) CB 2,240,000 COAL - 2005 GERMANY
171 ROSTOCK CB - COAL - 2005 GERMANY
172 SCHWANDORF B CB 464,400 COAL 80 1989 GERMANY
173 SCHWANDORF C CB 464,000 COAL 80 1988 GERMANY
174 SCHWANDORF D CB 1,393,000 COAL 80 1988 GERMANY
175 VELTHEIM 1 CB 301,000 COAL 82 1989 GERMANY
176 VELTHEIM 3(ADDITION) CB 1,050,000 COAL - 2006 GERMANY
177 WALSUM 7 CB 547,000 COAL 90 1988 GERMANY
178 WEST 2 CB 287,500 COAL 80 1989 GERMANY
179 WEST 3 CB 287,500 COAL 80 1989 GERMANY
180 ZOLLING(REPLACEMENT) CB 1,370,000 COAL - 2006 GERMANY
181 HEYDEN 4 CB 2,470,000 COAL 75 1989 FRG
182 KNEPPER C CB 260,000 COAL 90 1986 FRG
183 KNEPPER C (EXT) CB 510,000 COAL 90 1988 FRG
184 LEININGERWERK 5 CB 1,400,000 COAL 70 1988 FRG
185 MEHRUM 3 CB 2,240,000 COAL 75 1988 FRG
186 SCHWANDORF B CB 464,400 COAL 80 1989 FRG
187 SCHWANDORF C CB 464,000 COAL 80 1988 FRG
188 SCHWANDORF D CB 1,393,000 COAL 80 1988 FRG
189 VELTHEIM 1 CB 301,000 COAL 82 1989 FRG
190 WALSUM 7 CB 547,000 COAL 90 1988 FRG
191 WEST 2 CB 287,500 COAL 80 1989 FRG
192 WEST 3 CB 287,500 COAL 80 1989 FRG
193 MERI PORI CB 1,558,000 COAL 50 1993 FINLAND
194 CP-1, #1 CB 600MW COAL 40 (2000) CHINA
195 CP-1, #2 CB 600MW COAL 40 (2000) CHINA
196 CP-1, #3 CB 600MW COAL 40 (2002) CHINA
197 CP-1, #4 CB 600MW COAL 40 (2003) CHINA
198 CP-1, #5 CB 600MW COAL 40 (2004) CHINA
199 CP-1, #6 CB 600MW COAL 40 (2005) CHINA
200 HUA YANG / CP-1, #7 CB 1,804,515 COAL 40 2006 CHINA
201 DUERNROHR 1 CB 1,235,000 COAL 80 1986 AUSTRIA
202 DUERNROHR 2 CB 1,138,000 COAL 80 1986 AUSTRIA
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Pollutant Information
  Click on the Process Information button to see more information about the process associated with this


pollutant. 
Or click on the Process List button to return to the list of processes.


         


FINAL


RBLC ID:MO0060
Corporate/Company:CITY UTILITIES OF SPRINGFIELD


Facility Name:CITY UTILITIES OF SPRINGFIELD  SOUTHWEST POWER STATION
Process:PULVERIZED COAL FIRED BOILER


Pollutant: Nitrogen Oxides (NOx) CAS Number: 10102


 
Pollutant Group(s): InOrganic Compounds, Oxides


of Nitrogen (NOx),
Particulate Matter (PM),


Substance Registry System:Nitrogen Oxides (NOx)


 
Pollution Prevention/Addon Control Equipment/Both/No Controls Feasible: A


P2/Addon Description: IT WAS DETERMINED THAT THE BACT FOR NOX FROM THE PULVERIZED COAL
FIRED BOILER IS GOOD COMBUSTION PRACTICES ALONG WITH SCR HAVING A
NOX EMISSION LIMIT OF 0.08 LB/MMBTU ON A 30DAY ROOLING AVERAGE.


Test Method: Unspecified  


   
Percent Efficiency: 82.600
Compliance Verified: Unknown
EMISSION LIMITS:
  CasebyCase Basis: BACTPSD
  Other Applicable Requirements: NSPS , OPERATING PERMIT
  Other Factors Influence Decision: Unknown
  Emission Limit 1: 0.0800 LB/MMBTU 30DAYS ROLLING AVERAGE
  Emission Limit 2: 0
  Standard Emission Limit: 0 NOT AVAILABLE *SEE NOTES
COST DATA:
  Cost Verified? No
  Dollar Year Used in Cost Estimates:


  Cost Effectiveness: 0 $/ton
  Incremental Cost Effectiveness: 0 $/ton
  Pollutant Notes: COST ANALYSIS WAS NOT A DETERMINING FACTOR FOR BACT IN


THIS EVALUATION. HOWEVER, CITY UTILITIES HAS CONDUCTED
AN ECONOMIC EVALUATION AND PROVIDE SOME INFORMATION TO
THE AGENCY. THE AVERAGE COST PER TON OF NOX REMOVED FOR
THE 0.08 LBS/MMBTU WAS DETERMINED TO BE $949. THE
INCREMENTAL CONTROL COST INCREASED SUBSTANTIALLY TO
$4,748. *SEE CONTROL METHOD DESCRIPTION ABOVE
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Pollutant Information
  Click on the Process Information button to see more information about the process associated with this


pollutant. 
Or click on the Process List button to return to the list of processes.


         


FINAL


RBLC ID:WI0228
Corporate/Company:WISCONSIN PUBLIC SERVICE


Facility Name:WPS  WESTON PLANT
Process:SUPER CRITICAL PULVERIZED COAL ELECTRIC STEAM BOILER (S04, P04)


Pollutant: Nitrogen Oxides (NOx) CAS Number: 10102


 
Pollutant Group(s): InOrganic Compounds, Oxides


of Nitrogen (NOx),
Particulate Matter (PM),


Substance Registry System:Nitrogen Oxides (NOx)


 
Pollution Prevention/Addon Control Equipment/Both/No Controls Feasible: B


P2/Addon Description: LOW NOX BURNERS, GOOD COMBUSTION PRACTICES SELECTIVE CATALYTIC
REDUCTION (SCR)


Test Method: Unspecified  


   
Percent Efficiency: 0
Compliance Verified:
EMISSION LIMITS:
  CasebyCase Basis: BACTPSD
  Other Applicable Requirements: NSPS
  Other Factors Influence Decision:
  Emission Limit 1: 0.0700 LB/MMBTU 30 DAY AVG. EXCL. STARTUP/SHUTDOWN
  Emission Limit 2: 0.0600 LB/MMBTU 12 MO. AVG. INCL. STARTUP / SHUTDOWN
  Standard Emission Limit: 0
COST DATA:
  Cost Verified? No
  Dollar Year Used in Cost Estimates: 2003
  Cost Effectiveness: 6116 $/ton


  Incremental Cost Effectiveness: 0 $/ton
  Pollutant Notes: COST EFFECTIVENESS BASED ON 30 DAY AVG. VALUE.


Technology Transfer Network 
Clean Air Technology Center  RACT/BACT/LAER Clearinghouse


http://cfpub.epa.gov/rblc/index.cfm?
action=PermitDetail.PollutantInfo&Facility_ID=26401&Process_ID=104630&Pollutant_ID=149&Per_Control_Equipment_Id=140816Last updated on 2/2/2015



http://www.epa.gov/air/index.html

http://cfpub.epa.gov/rblc/index.cfm?action=PermitDetail.FacilityInfo&Facility_ID=26401

http://cfpub.epa.gov/rblc/index.cfm?action=Home.Home&lang=en

http://www.epa.gov/ttn/emc/tmethods.html

http://cfpub.epa.gov/rblc/index.cfm?action=Home.Home

http://www.epa.gov/ttn/index.html

http://cfpub.epa.gov/rblc/index.cfm?action=Results.PermitSearchResults

http://www.epa.gov/ttn/catc/index.html

http://cfpub.epa.gov/rblc/index.cfm?action=Search.SearchByRBLCIdentifier

http://cfpub.epa.gov/rblc/index.cfm?action=Search.BasicSearch

http://www.epa.gov/ttn/emc/related.html

http://www.epa.gov/

http://www.epa.gov/

http://cfpub.epa.gov/rblc/index.cfm?action=PermitDetail.processlist&Facility_ID=26401

http://iaspub.epa.gov/sor_internet/registry/substreg/searchandretrieve/substancesearch/search.do?searchCriteria(substanceIdentifier)=10102

http://cfpub.epa.gov/rblc/index.cfm?action=Results.PermitSearchResults

http://cfpub.epa.gov/rblc/index.cfm?action=PermitDetail.ProcessInfo&Facility_ID=26401&Process_ID=104630&Pollutant_ID=149




















































































2/2/2015 Pollutant Information | RACT/BACT/LAER Clearinghouse | Clean Air Technology Center | Technology Transfer Network | US EPA


http://cfpub.epa.gov/rblc/index.cfm?action=PermitDetail.PollutantInfo&Facility_ID=25704&Process_ID=102794&Pollutant_ID=149&Per_Control_Equipment_Id=… 1/1


You are here: EPA Home  Air & Radiation  TTNWeb  Technology Transfer Network  Clean Air Technology Center  RACT/BACT/LAER
Clearinghouse  RBLC Basic Search  RBLC Search Results  Pollutant Information


 


Pollutant Information
  Click on the Process Information button to see more information about the process associated with this


pollutant. 
Or click on the Process List button to return to the list of processes.


         


FINAL


RBLC ID:MT0022
Corporate/Company:BULL MOUNTAIN DEV. COMPANY


Facility Name:BULL MOUNTAIN, NO. 1, LLC  ROUNDUP POWER PROJECT
Process:BOILER, PC NO. 1


Pollutant: Nitrogen Oxides (NOx) CAS Number: 10102


 
Pollutant Group(s): InOrganic Compounds, Oxides


of Nitrogen (NOx),
Particulate Matter (PM),


Substance Registry System:Nitrogen Oxides (NOx)


 
Pollution Prevention/Addon Control Equipment/Both/No Controls Feasible: B


P2/Addon Description: LOW NOX BURNER, OVERFIRE AIR, AND SCR.


Test Method: Unspecified  


   
Percent Efficiency: 90.000
Compliance Verified:
EMISSION LIMITS:
  CasebyCase Basis: BACTPSD
  Other Applicable Requirements:
  Other Factors Influence Decision:
  Emission Limit 1: 280.9000 LB/H rolling 24 h avg
  Emission Limit 2: 0.0700 LB/MMBTU rolling 24 h avg
  Standard Emission Limit: 0.0700 LB/MMBTU
COST DATA:
  Cost Verified? Yes
  Dollar Year Used in Cost Estimates:
  Cost Effectiveness: 541 $/ton
  Incremental Cost Effectiveness: 0 $/ton


  Pollutant Notes: incremental cost effectiveness: $1332/t pollutant
removed
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I. Summary of Conclusions 


I have concluded. for the reasons described in this document, that the best available control 
technology (BACT) analysis contained in the Expert Report of Mr. Thomas EmmeJY is 
inconsistent with U.S. EPA's regulatory policies and practices. My opinion is based on my 
experience in reviewing Prevention of Significant Deterioration (PSD) permits for U.S. EPA 
Region 5. 


Ohio Edison's proposal for complying with PSD, as stated in Mr. Emmel's report, is not 
consistent with U.S. EPA's requirements and practices for PSD permitting and BACT analysis. 
First, Mr. Emmcl's analysis does not follow the long-accepted top-down BACT analysis 
approach routinely required by C.S. EPA in its review· of PSD permits. Instead, the analysis in 
Mr. F:mmel's report uses a "least cost approach" which allows the source to consider less 
efficient control options without first properly justifying the elimination of the most stringent 
option. Second, Mr. Emmel fails to consider the full range of current technologies and 
information for a BACT analysis. In addition, Mr. Emmel's BACT cost analysis is badly flawed 
and moslly irrelevant to a proper BACT analysis. The Expert Report of Dr. Ranajit (Ron) Sahu" 
correctly follows U.S. EPA's policies on RACT applicability and BACT analysis to arrive at an 
appropriate I3ACT recommendation for Ohio Edison San1mis Plant. A more detailed rebuttal to 
Mr. Emmel's report is included in this doclllllent. 


II. Introduction and Overview 


A. Information Required for the Expert Report 


The following is a listing of items provided as required by Federal mies of procedure: 


a. This report contains my opinions, conclusions and the reasons therefor. 


b. A slatement of my qualifications is contained in Attachment A of this report. 


c. I am being con1pensaled for the preparation of this report and my testimony as a 
noTI11al part of my compensation as an employee of the U.S. EPA. 


d. I have not provided previous leslimony within the preceding four years as an 
expert at trial or by deposition. 


B. Background and Experience 


T have a bachelor of science degree in mechanical engineering from the University of Illinois at 


l-' Expc1i Repoti of \1r. Thonus Errirnc:I, Pn:pared for Ohio Edison Con1pany and Pennsylvania Pu\vt:r Company 


·1i Expert Report of Dr. Ranajit (Ron) Sahu on Reha lf of the United States, ]\.rc\v \r ork, Nev.• Jersey, and Co1U1ecticut. 
October 2003. 







 


 


Chicago. I received this degree in 1991. 


I have been involved in BACT decisions at U.S. EPA Region 5 for over twelve years. I began 
work for lJ .S. EPA Region 5 in 1991 as an engineer working on New Source Review (NSR), 
PSD and Title V air pem1itting programs. My main duties were to oversee Indiana's pem1it 
programs. This involved reviewing and providing comments on draft permits issued by the 
State. In PSD permits, this included reviewing proposed BACT analyses and determining if the 
proper procedures were followed in selecting BACT for a project. My duties also included 
providing applicability dctcnninations for NSR/PSD permits based on Federal regulations and 
guidance documents. 


In 1999, l became the t\SR/PSD expert for US. EPA Region 5. This position involves a broader 
oversight of the Region 5 States NSR/PSD pennit activities and working with other staff to 
assure a consistent approach to our rules and policy. 


C. Puroose of Report 


The purpose of this report is to comment on lhe deficiencies contained in the Expert Report of 
Mr. Thomas Emmel which was prepared for Ohio Edison Company and Pennsylvania Power 
Company. This report is written at the request of the Department of Justice regarding the 
acceptability of the BACT analysis for Ohio Edison's Sammis Plant in Mr. Emmet's reporl 
compared to what constitutes an acceptable BACT analysis under the PSD progran1. 


III. Best Available Control Technology (BACT) 


A. Introduction & Top-Down BACT Methodology 


When a new source or modification to an existing source meets the definition of major 
stationary source"' or major modification:!! under the PSO regulations, one of the key 
requirements of a source is to apply BACT for each pollutant subject to regulation under the Act 
that it would emit in significant amounts.3 The Expert Report of Dr. Sahu provides an accurate 
description of the PSD regulat01y definiLion ofBACT and the typical BACT analysis process."' 


li40 C.F.R. 52.2l(b)(l) 


"140 CJ .R. 52.21(b)(2) 


Y40 C.f.R. 52.211J) 


ti Expert Keport of J)r_ Ranajit (Ron) Sahu on Behalf of the 1Jnited States, New York, New Jersey, and Connecticut. 


October 2003, Pai;e 9. 
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Dr. Sahu's report~ provides an accurate description of L:.s_ RP A's Top-Do'N11 BACT 
Methodology which includes a five-step BACT analysis process anti an analysis of the following 
factors: 


• control efficiencies (percent pollutant removed, where appropriate); 
expected emission rate (concentration or mass per unit production); 
economic impacts (cost effectiveness); 
environmental impacts (includes any significant or unusual other media impacts 
(e.g., water or solid waste), and, at a minimum, the impact of each control 
alternative on emissions of toxic or hazardous air contaminants); 


• energy impacts. 


Requiring PSD applicants to consider all available alternatives, and demonstrate why the most 
stringent should not be adopted, has long been the requirement under the Clean Air Act, its 
implementing regulations, and publicly-available guidance. In contrast, there is no authority for 
the "least cost" methodology Mr. Emmel utilizes in his report. U.S. EPA issued a memorandum 
on December 1, 1987'1' establishing the top-down approach to BACT analysis as agency policy. 
According to the memorandum, "when a State agency proposes as BACT a level of control that 
appears to be inconsistent with the "top-down" concept, such as failure to adequately consider 
the more stringent control options, the Regional Office is to provide comment to that agency. A 
final BACT determination which still fails to reflect adequate consideration of the factors that 
would have been relevant using a "top-down" type of analysis shall be considered deficient by 
EPA_"'!! 


U.S. EPA filrther articulated the requirement ofa top-down BACT approach in a June 13, 1989 
memorandum titled "Transmittal of Background Statement on "Top-Dm,m" Best Available 
Control Technology (BACT)"lL". This memorandum refers to pre-1987 BACT guidance as a 
"bottom-up" approach for DACT determinations'-" and states that the top-down approach does 


2rxpeI't Report uf Dr. Ranajil (Run) Sahu on Behalf of the United States, New York, New Jersey, and Connecticut 
Octoher 2003, Page 18. 


W "Improving Nc'v Source Review (NSR) Implementation", J. Craig Potter, Assistant Administrator for Air and 
Radiation, December L 1987. 


Ji Ibid . 


.ill' "Transtnittal of Background Statetnent on "Tup-Duv.·n" Besl Avuilablc Control Technology {BACT)", John 
<:alcagni, Director, Air Quality \fanagement Division, U.S. EPA, June 13, 1989 . 


.!..!; "In January 1979, EPA had disseminated "Guidelines for Dctcnnining BACT Under PSD" (OAQPS, December 
1978) and in October 1980 had issued a "PSD Workshop Manual" (OAQPS, October 1980) that included more 
detailed guidance on B1\CT. Those docwnent described a so-called "b1Jttorn-up'' approach to BACT 
determinations .. , 
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not alter existing BACT requirements. "Regardless of the specific methodology used for 
delennining BACT, be it 'top-down,' 'bottom-up,' or otherwise, the same core criteria apply to 
any BACT analysis: the applicant must consider all available alternatives, and demonstrate why 
the most stringent should not be adopted. Recall, however, the New Source Review Task 
Force's finding that in many instances the bottom-up methodology was applied inadequately." 
TI1c memorandum goes on to say that "in them)', these statutory goal> can be fulfilled by either a 
top-down or bottom-up approach to BACT determinations. However, as discussed previously, 
L.S. EPA's experience has been that, as implemented in practice, the bottom-up approach is 
deficient in actually achieving these goals." 


B. Ohio EPA's and U.S. EPA's authority and roles in implementing PSD in Ohio 


Ohio EPA requested delegation of the PSD permitting program on Febmary 8, 1980 and received 
a letter from U.S. EPA on May L 1980, granting delegation effective on that dale. The PSD 
delegation was published in the Federnl Register as a final rule on January 29, 1981!21. TI1is 
delegation remained in effect until Ohio EPA rc<:civcd conditional state implementation plan 
(SIP) approval of its PSD regulations on October 10, 200111/ Ohio EPA subsequently received 
full PSD SIP approval on January 22, 200311. Under both the delegated and SIP-approved 
program, Ohio EPA was the permitting authority in the State of Ohio responsible for 
implementing the PSD program. 


According to the May 1, 1980 delegation Jetter to Ohio EPA, "prior U.S. EPA concurrence is to 
be obtained on any matter involving the interpretation of sections 160-169 of the Clean Air Act 
or 40 C.F.R. 52.21 to the extent that implementation, review, administration or enforcement of 
these sections have not been covered by detenninations or guidance sent to the OEPA." This 
PSD delegation agreement was amended in a letter to Ohio EPA on November 7, 1988. This 
letter states that "OEPA will follow the new source review guidance which has been provided to 
the State, including the guidance with respect to making best available control technology 
determinations, and all filture guidance representing regional and national policy." 


Although Ohio EPA is the permitting authority in the State of Ohio, U.S. EPA maintains 
oversight over the State's implementation of the PSD program. Every proposed PSD permit 
must have a 30-day public comment period during which the source, the public, U.S. EPA, or 
any other inkn.:slc<l parties have an opportunity to provide comments on the proposal. U.S. EPA 
uses this comment period to review proposed PSD permits and to provide comments to the 
permitting authority. Therefore, since 1981, C.S. EPA Region 5 has reviewed PSD permits 
proposed hy Ohio EPA. If the modifications at the Sammis Plant that occurred between 1984 


.!./i 46 FR 9580. 


ll' 66 FR5l570 


l3' 68 FR 2909 
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and 1998 had gone through the PSD permitting process, C.S. EPA Region 5 would have 
reviewed and provided comments on the proposed permit. If Ohio EPA issued a draft PSD 
permit for an Ohio Edison Sammis Plant project today, Region 5 would review and provide 
comments on the proposal. If such a draft permit involved questions regarding the consistent 
application of PSD and BACT requirements, I would be involved in providing comments to Ohio 
EPA. If the State issues a permit despite adverse comments from U.S. EPA, the U.S. EPA may 
choose to appeal the permit. Under a delegated program, a PSD permit is appealed to the 
Environmental Appeals Board. 


IV. Rebuttal to Ohio Edison's Expert Report 


As discussed earlier in this docwnent, this report is being produced in response lo the 
deficiencies contained in the Expert Report of Mr. Thomas Emmel prepared for Ohio Edison 
Company and Pennsylvania Pov.•er Company. A nw11ber of points made in Mr. Emmel's report 
would not be acceptable to U.S. EPA if they were part ofa source's l:lACT analysis. The specific 
points are as follows: 


A. Failure to l_;se Top-Down BACT Methodology 


Mr. Emmel's report analyzes the economic, energy, and environmental impacts for BACT 
options in a way that is inconsistent with U.S. EPA's top-down BACT methodology. His report 
states that "as opposed to Dr. Ranajit (Ron) Sahu's expert rep011 for lhe Plaintiffs, I evaluated 
these impacts for all control options, not just the "top" option, in order to identify options that 
have significantly lower costs relative to the counterbalancing statutory factors (economic 
impacts, differences in air quality impacts, reduced waste disposal volumes, improved HAP 
removal performance, etc.)."~· The report also says "!review the costs and consequences of each 
approach to detem1ine whether emission caps or BACT is the most appropriate strategy for 
achieving PSD compliance. As noted earlier, in general the least cost approach is usually 
selected by the applicant and accepted by the permitting authority.".l!i' 


In my experience at U.S. EPA, I have not seen a PSD permit that proposed a "least cost 
approach" instead of the lop-down approach included in Dr. Sahu's repm1. IfU.S. EPA had 
reviewed a proposed BACT analysis that used a least-cost analysis, we would not accept the 
permit as having a complete BACT analysis_ This is consistent with U.S. EPA's December 1, 
1987, memorandum which states: 


!21 


"when a State agency proposes as BACT a level of control that appears to be inconsistent 
with the "top-down" concept, such as failure to adequately consider the more stringent 
control options, the Regional Office is to provide comment to that agency. A final BACT 


11 Fxpert Report of Mr. Thoma~ Emmel 11
, Page 13 


!Ji "Expert Report of Mr. Thomas Enunel", Page 16 


5 







 


 


detennination which still fails to reflect adequate consideration of the factors that would 
have been relevant using a "top-down" type of analysis shall be considered deficient by 
EPA." 


The "least cost approach" proposed in Mr. Emmel's report apparently selects lower cost control 
options above the mosl stringent control options. Such an approach would undermine the basic 
premise of"best available control technology" and would not be accepted by U.S. EPA as an 
appropriate BACT analysis. According to the top-down BACT analysis process required by lJ.S. 
EPA, the most stringent BACT oplion may be rejected only iflhe source demonstrates that il is 
not technically feasible or if the source can justify an excessive economic, environmental, or 
energy impacts. In other words, the mosl sl1ingent control option should be considered the 
presumed BACT and it is the burden of the source to demonstration why that option is not 
feasible. 


Mr. Emmel applies his BACT methodology in a way that results in the selection of coal
swiLching over more stringent options such as we! flue gas desulfurization as BACT. An 
indicator of the deficiency of his approach is the fact that the New Source Performance Standard 
(NSPS) for this source category, Subpart Da, establishes the following S02 limitation: 


"No owner or operator subject to the provisions of this subpart shall cause to be 
discharged into the atmosphere from any affocte<l facility which combusts solid fuel or 
solid-derived fuel, except as provided under paragraphs (c), (d), (f) or (h) of this section, 
any gases which contain sulfm dioxide in excess of: (!) 520 ng/J (1.20 lb/million Btu) 
heat input and 10 percent of the potential combustion concentration (90 percent 
reduction), or (2) 30 percent of the potential combustion concentration (70 percent 
reduction), when emissions are less than 260 ngiJ (0.60 lb/million Btu) heal input."lli 


NSPS standards are generally established at emission rates that are determined to be achievable 
throughout a particular source category, Mr. Emmel's recommendation of coal-switching, when 
compared to this NSPS standard, would not be sufficient to meet the standard's requirement to 
achieve a 90 percent reduction in potential combustion concentration. The inability of the 
proposed coal-switching option to meet this source category's NSPS standard indicates that Mr. 
Emmel's analysis docs not result in the selection of the mosl slringent control technology that is 
technically feasible with acceptable economic, environmental, and energy impacts. 


In a related deficiency, the BACI analysis in Mr. Emmel's report focuses primarily on what 
would have been available and acceptahle as fl ACT at the time of the modifications in question_ 


While this focus is appropriate for the discussion of Ohio Edison's excess emissions following 
each modification, it has no bearing on what is required for the issuance of a PSD permit at the 
current time. C.S. EPA's policy, as stated in the memorandum on injunctive relief for violations 
of NSR requirements is that the 13ACT dctcm1ination "is made at the time a source goes through 


ll! 40 C.F .K 60.43a(a) 
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NSR permit review. Thus, ifa source violates NSR in 1995 (e.g., by constructing a major source 
without a major NSR permit) and finally applies for a permit in 1998, whatever technology is 
!3ACT ... in 1998 should be required in the NSR permit ".!!ll 


Jn addition to its other deficiencies in providing a comparison of Ohio Edison Sammis Plant to 
other sources for a BACT analysis, l\Ir. Emme l's report only reviewed BACT delem1inations that 
occurred in U.S. EPA's Region 5. In order to conduct a thorough and complete BACT analysis, 
sources must consider any comparable sources nationvvide. In addition, a complete BACT 
analysis must also identify any control technologies in application outside the United Slates lo 
the extent that the technologies have been successfully demonstrated in practice on full scale 
operalions.12' A BACT analysis must also consider lowest achievable emission rate (LAER) 
determinations. A limit contained in a LAER determination is presumably "available" for BACT 
purposes by any source in the same category."1' In my experience, U.S. EPA would not accept as 
complete a BACT analysis which contained a cost analysis that compared the proposed project to 
only Region 5 sources. 


B. Failure lo Perfom1 a Proper Cost Anal vs is 


(i) Emissions increase cost criteria 


The BACT analysis in Mr. Emmel' s report includes a cost criteria, "dollars per ton of emissions 
increase," that is not accepted by U.S. EPA as part of a BACT analysis. Jn his analysis, Mr. 
Emmel divides the cost of the proposed control technology by the tons of emissions increases 
which the Court determined to have triggered PSD requirements. Although U.S. EPA routinely 
uses a dollars per Lon of emissions removed cost analysis as a tool to evaluate the cost 
effectiveness of a proposed control technology, Mr. Emmel's "dollars per ton of emissions 
increase" is not a recognized or useful tool for evaluating c.ost effectiveness. 


U.S. EPA accepts total and incremental cost effectiveness, in dollars per ton of emissions 
removed, as the two economic criteria that are considered in the BACT analysis.~ As mentioned 
earlier in this report, one of the criteria for determining the acceptability oflhe most stringent 


.!5' "Guidance en the 1\ppropriate Jnjunctive Relief for V'iolations of Major '.'Jew Source Revicv.' Rcquin .. TI11.:nts'', 


Eric V. Schaeffer, Director, Office of Regulatory Enforcement, U.S. EPA, November 17, 1998. 


l2' "l\~e\v Source Review \Vorkshop Manual, Pre,,..ention of Significa.nt Deterioration and Nonattainment Area 
Pernlitting ", Offic~ of i-'\il' Qualjty Plar1.ni11g anU Standan.l::;., Draft October 1990, Page B.11 


~"Transmittal ofB<ickground Statement on "Top-Dov.n'' Best A•'ailablc Control Tcclu1ology{BACT)", John 
Calcagni, Director, Air Quality Manage1nent Division, U.S. EPA, June 13, 1989. Page 6. 


£11 "New Source Review '-"Torkshop Manual, Pre\:ention of Signifi1;ant Dt"tt::riuratiun an<l Nunatlainment Area 


Permitting", Office of .·\ir Quality Planning and Standards, Draft October 1990, Page D.31. 
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control option is cost effectiveness. The "effectiveness" of a control option is measured by the 
amount of emissions reduced by that option. The analysis of the cost of reducing emissions to 
baseline levels is irrelevant because the goal of PSD is not to return to baseline emission levels, 
but rather the imposition of best available controls. The tons of emissions increase by a source or 
modification does not provide any indication of the effectiveness of a control option and, thus, is 
meaningless in providing a justification for rejected the most stringent control option as not cost 
effective. In my experience at U.S. EPA, the agency would not accept a proposed BACT 
analysis that based the rejection of a conlrol option on a dollars per ton of emissions increase 
ealcu lation. It has also been my experience that the permitting authorities in Region 5 base a 
BACT cost analysis on dollars per ton of emissions removed and not dollars per ton of emissions 
111crease. 


A dollars per ton of emissions increase calculation is not only inconsistent with the concept of 
cost effectiveness, hut it is also highly misleading if used in a BACT analysis. Such a dollars per 
ton of emissions increase calculation will result in an amount that is greatly inflated compared to 
the dollars per ton removed nwnbers calculated by other sources that follow the correct cost 
effectiveness calculation methodology. For example, Mr. Emmel's report shows wet flue gas 
desulfurization on Unit I for the 1993 modi fica!ion to have an "overal I & incremental" cost 
effectiveness of $1,613 per ton of S02. However, :\fr. Emmel's "dollars per ton of emissions 
increase" method inflates his suggested cost effectiveness figure to $210,000 per ton S02.lli 


(ii) Incremental and Total Cos/ Effectiveness 


Another deficiency in Mr. Emmcl's report is the emphasis of "incremental" cost effectiveness 
over "total" cost effectiveness. Total cost effectiveness (also referred to as "average" cost 
effectiveness) is the cost, in dollars per ton of all emissions removed for the use of a control 
leclmology. Removal is calculated by the amount of emissions reduced below the legal limit that 
would exist without the BACT requirement. That baseline is usually the legal limit that would 
exist but for the BACT determination. In many cases, that limit is equal to uncontrolled 
emissions, since no legal or praelical limit may exist for a particular pollutant. Incremental cost 
effectiveness is defined as the cost, in dollars per ton of additional emissions removed compared 
to the next less effective control option. When comparing a particular calculated cost 
ellectiveness with a potential cost benchmark, it is essential to ascertain whether the values are 
total or incr1.:n1cntal cost effectiveness, as incre1nental cost effectiveness is always n1uch larger 
than total cost effoctiveness.!li Incremental cost should be considered in conjunction with total 
cost effectiveness.B' The economic impact portion of the BACT analysis should not focus on 


'11' Expert Report of Mr. Thomas Emmel, Table Vl-3, Page 20. 


'!Ji Expert Report of Mr. Matt Haber in the llhnols ~ower C.'ase, April 2002. 


~ "Ne\\' Source Review \\1orkshop i\·fanual, Prevention of Significant Deterioration and Nonattainment Area 
Pennitting"', Office: ofi.\.ir Quality Planning an<l .Slandan.l::;, Draft October 1990, Page B.31 
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inappropriate factors or exclude pertinent factors, as rhe results may be misleading. For example, 
undue focus on incremental cost effectiveness can give an impression that the cost of a control 
alternative is unreasonably high, when, in fact, the cost effectiveness, in terms of dollars per total 
ton removed, is well within the normal range of acceptable BACT costs.1.li In my experience at 
l:.S. EPA, we have not accepted the rejection of a control option that was based solely on 
incremental cost effectiveness. We consider total cost effectiveness to be an essential factor in 
determining the cost effectiveness of a control option. 


(iii) Cosi of Production 


Another justification used in Mr. Emme l's report for the rejection of control options is the 
alleged increase in electricity costs due to the application of this control option. The report 
quotes the 1990 NSR Workshop Ylanual as saying "cost effectiveness should, in and of itself: not 
be construed as a measure of adverse economic impacts" and uses this to conclude that "if the 
application of a technology would have the effect of shutting down an existing unit, I would not 
consider that technology to he BACT. ••!!! This quote of the 1990 NSR Workshop Manual is 
taken out of context as that document also says: 


"In the economic analysis, primary consideration should be given to quantifying the cost 
of contrnl llild not the economic situation of the individual source. Consequently, 
applicants generally should not propose elimination of control alternatives on the basis of 
economic parameters that provide an indication of the affordability of a control 
alternative relative to the source. BACT is required by law. Its costs are integral to the 
overall cost of doing business and arc not to be considered an afterthought. 
Consequently, for control alternatives that have been effectively employed in the same 
source category, the economic impact of such alternatives on !he particular source should 
be not nearly as pertinent to the BACT decision making process as the average, and 
where appropriate, incremental cost effectiveness of the control alternative.""' 


TI1erefore, rather than saying that adverse economic impacts should be considered in a BACT 
analysis, as \.fr. Emmel suggests, the 1990 NSR Workshop Manual is stating that adverse 
economic impacts are not to be considering in a BACT analysis. 


,;,·"New Source Review Workshop Manual, Prevention of Significant Deterioration and Nonattainment Area 
Permitting", Office of ..=\ir Quality Planning and Standards, Draft Octobt:r 1990, Page B.45 


Yi Expert Report of :vtr. J'homas Emmel, Page 33. 


?J./ "\le\v Source Review Workshop J\llanual, Prevention of Significant Deterioration and :'.\!onattairunent Area 
Pernlitting", Office of ~\ir Quality Planning i:tlld Standards, Draft October 1990, Page B.31 
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Sam M. Portanova 
2466 Millington Court 
Aurora, Illinois 60504 


Daytime Phone: (312) 886-3189 
E-Mail: portanova.sam@epa.gov 


EDUCATION 


ATTACHMENT A 


Evening Phone: (630) 375-0336 


University of Illinois at Chicago - Chicago, Illinois. 
Bachelor of Science in Mechanical Engineering 
Total credits: 235 quarter hours 
Graduated: March 1991 G.P.A.: 4.43 
Honors: Tau Bela Pi 


High School - Forest View High School, Arlington Heights, Illinois. Graduated: June 1986. 


WORK EXPERIENCE 
U.S. Environmental Protection Agency, Region 5, Air and Radiation Division 
Environmental Engineer, July 1991 - present 
Current Grade Level: GS-13 


Supervisor's name and telephone number: Pamela Blakley, (312) 886-4447 


Duties and accomplishments 
New Source Review Expert 
- Region 5's expert on the NSRIPSD program under the Clean Air Act (1999-presenl). Involves making 
determinations based on complex U.S. EPA policy. Involves technical review of pollution control options 
and air emission limits for a wide variety of industrial sources. Responds to state and public questions 
regarding Clean Air Act permitting requirements. Provides comments to slate agencies regarding 
proposed permit requirements. Maintains dialogue with state agencies and the public to resolve issues 
prior to permit development. 


- Region 5's contact for Indiana construction and operating air permit issues. In addition to NSR/PSD, my 
duties involve reviewing Title V permits and Indiana permitting regulations. Worked with citizens, state 
officials, and U.S. EPA headquarters staff to correct deficiencies in Indiana's Title V program. 


- Air and Radiation Division backup on computer issues. I provide technical assistance to ARD staff 
experiencing computer issues. 


- Member of the Air and Radiation Division webpage team. Developed and maintained ARD Air Permits 
website including Lotus Notes database which allows the public to access air permits from the ARD 
website. Participated in workgroup to update the ARD website to assure it contains current information 
and to assure 1t complies with current agency web standards. 


OTHER QUALIFICATIONS (Include job-related training courses; Job-related skills such as typing speed. 
computer 
softwarelhardware tools, other languages, etc.; Job-related honors, awards, special accomplishments, 
publications, 
memberships in professional or honor societies, leadership activities, and performance awards) 
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RECENT NOx REDUCTlON EFFORTS: AN 0VERV1EW 


Mary Jo Krolewski and AndrewS. Mingst 
Clean Air Markets Division, Office of Atmospheric Programs, U.S. EPA, Washington, D.C. 


Abstract: This paper presents an update and overview ofrecently promulgated nitrogen oxides (NO) regulations for large 
' electricity and industrial combustion units, under Title I and Title IV of the Clean Air Act Amendments (CAAA). It 


evaluates the t)pes of NO, control technologies installed under both the Acid Rain Program and Ozone Transport 
Commission (OTC) NO, Budget Program, and assesses the emissions reductions attained through the application of these 
control technologies. The sustained improvements in emission rates achieved by NO, controls, manifest during the first 
three years of the Acid Rain NO, Program, have carried over to Phase II of the OTC. Notwithstanding these technical 
achievements, affected sources rely on emissions averaging and allowance trading to attain cost-effective compliance. 
Emissions averaging is the most commonly selected compliance option under the Acid Rain NO, Program, while the 
volume of economically significant allowance movement under the ore attests to the degree of compliance flexibility 
afforded b_v the cap-and-trade approach. 


I. Introduction 


Emissions of NO, are associated with a variety of environmental concerns including an increase in ground-level ozone, 
the formation of fine particles in the atmosphere, the development of acid rain, and the acidification of aquatic systems. 
Such concerns have resulted in a need to reduce these emissions in the United States. Recently, a number of Federal and ... 
State regulatory actions have focused on reducing NO, emissions from fossil fuel-burning, stationary combustion sources: 
Section II of this paper provides an overview of the regulations affecting NO, sources, including the Acid Rain NO, 
regulations, the OTC N 0. Budget Program, revision of theN ew Source Performance Standards (N SPS) for N 0, em iss ions 
from utility and large industrial sources, and EPA's Ozone Transport rulemakings. Section III then provides an assessment 
of compliance experience achieved to date under the Acid Rain NOx Program and the OTC NO, Budget Program. 


II. Regulatory Overview 


The Clean Air Act of 1970 established a major role for the Federal government in regulating air quality. The Act was 
further expanded by amendments in 1977 and, most recently, in 1990. The I 990 Clean Air Act Amendments (CAAA} 
authorize EPA to establish standards for a number of atmospheric pollutants, including NOx. Two major portions ofthe 
CAAA relevant to stationary source NO, control are Title I and Title IV. Title I established National Ambient AiPQuality 
Standards (NAAQS) for six criteria pollutants, including ozone. Title IV includes provisions designed to address acid 
deposition resulting from emissions of NO, and S02 from electric power plants. Table 1 presents an overview·.ofthe 
regulatory actions affecting NO, sources. 


Table 1. Selected NOx reduction regulations under Title I and IV of the CAAA 


Regulatory Action Affected Regions Compliance Date Control NO, Reductions 
Period 


Title l OTC NO, Budget 12 States & DC: CT, DE, Phase II: May 1. 1999 ozone season 246,000 tons in 
Program ME, MD, MA, NH, NJ, Phase lll: May 1, 2003 1999, 322,000 tons 


NY, PA, Rl, VT, VA in 2003 


NO, SIP call 22 States & DC: AL, CT, May 1, 2003 ozone season 1.1 million tons in 
DE, GA, lL, IN, KY, MD, 2007 
MA, Ml, MO, NJ, NY, NC, 
OH, PA, Rl, SC, TN, VA, 
WV, and WI 







Regulatory Action Affected Regions Compliance Date Control NO, Reductions 
Period 


Section 126 rule 12 States & DC: DE, IN, May I, 2003 ozone season 5 I 0,000 tons in 
KY, MD, Ml, NJ, NY, NC, 2007 
OH. PA, VA, and WV 


Title IV Acid Rain Program nationwide Phase I: January I, I 996 annual 340,000 tons per 
Phase II: January I, 2000 year in Phase I, 


2.06 million tons/yr 
in Phase II 


Revised NO, NSPS nationwide July 9, 1997 annual 25,800 tons/yr 


I. Title I NO, Requirements 


Title I of the CAAA included provisions designed to address both the continued nonattainment of the existing ozone 
NAAQS and the transport of air pollutants across State boundaries. These provisions also allow downwind States to 
petition for tighter controls on upwind States that contribute to their NAAQS non attainment status. In general, Title I NO, 
provisions require areas with an ozone nonattainment region to: (1) require existing major stationary sources to apply 
reasonably available control technologies (RACT); (2) require new or modified major stationary sources to offsettheir 
emissions and install controls representing the lowest achievable emissions rate (LAER); and (3) require each state with 
an ozone nonattainment region to develop a State Implementation Plan (SIP) that, in some cases, includes reductions in 
stationary source NO~ emissions beyond those required by the RACT provisions of Title I, if needed to attain the ozone 
NAAQS. 


Ozone Transport Commission (OTC) NOx Budget Program Section 184 of the CAAA delineated a multi-State ozone 
transport region (OTR) in the northeast and required specific additional NO, and VOC controls for all areas in this region. 
Section 184 also established the OTC for the purpose of assessing the degree of ozone transport in the OTR and 
recommending strategies to mitigate the interstate transport of pollution. The OTR consists of the States of Connecticut, 
Delaware, Maine, Maryland, Massachusetts, New Hampshire, New Jersey, New York, Pennsylvania, Rhode Island, 
Vermont, parts of northern Virginia, and the District of Columbia. The OTR States confirmed that they would implement 
RACT on major stationary sources of NO, (Phase I), and agreed to a phased approach for additional controls, beyond 
RACT, for power plants and other large fuel combustion sources (Phase II and III). This agreement, known as the OTC 
Memorandum of Understanding (MOU) for stationary source NO, controls was approved on September 27, 1994. All 
OTR States, except Virginia, are signatories to the OTC NO, MOU. 


The MOU establishes an emissions trading system to reduce the costs of compliance with the control requirements under 
Phase II (which began on May I, 1999) and Phase III (beginning on May I, 2003). The OTC program caps summer
season (May I -September 30) NO, emissions for all thirteen OTC jurisdictions at approximately 219,000 tons in 1999, 
and 143,000 tons in 2003, which represent approximately 55 and 70 percent reductions in NO., respectively, from the 
I 990 baseline emission level of 464,898 tons.' The actual reductions during the 1999 season, however, reflect participation 
by only eight of the 13 jurisdictions. This subset includes Connecticut, Delaware, Massachusetts, New Hampshire, New 
Jersey, New York, Pennsylvania, and Rhode Island. 


NO.< SIP call To address long range transport of ozone, in October 1998, EPA promulgated a rule to limit summer season 
NO, emissions in 22 Northeast States and the District of Columbia that the Agency believes are significant contributors 
to ozone nonattainment in downwind areas (63 FR 57356, October 27, 1998). These States were required to amend their 
SIPs through a procedure established in Section 1 I 0 of the CAAA. EPA finalized a summer-season State NO, budget (in 
tons ofNO,) and developed a State implemented and Federally enforced NO, trading program to provide for emissions 
trading by certain electric and industrial stationary sources . Each affected State's NO, budget is based on the application 
of a population-wide 0.15 lb/mmBtu NO, emission rate for large electricity generating units (EGUs) and a 60 percent 
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reduction from uncontrolled emissions for large non-EGUs. (Control levels that EPA believes are highly cost effective.) 
The NO, SIP call is projected to reduce summer-season NO, emissions by 1.1 million tons in the affected 22 States and 
DC. In response to litigation, in May 1999, the U.S. Court of Appeals forthe D.C. Circuitissued a ruling that stayed the 
SIP submission dates required by the NO, SIP call. In November 1999, the D.C. Circuit heard arguments on the NO, SIP 
call; the Court is expected to issue an opinion in the spring of2000. 


Section 126 Petitions In addition to promulgating the NO, SIP call, EPA responded to petitions filed by eight 
northeastern States under section 126 of the CAA. The petitions request that EPA make a finding that NO, emissions from 
certain major stationary sources significantly contribute to ozone non attainment problems in the petitioning States. The 
final section 126 rule requires upwind States to take action to reduce emissi'ons ofNO, that contribute to nonattainment 
of ozone standards in downwind States (64 FR 28250, May 25, 1999 and 65 FR 2674, January 18, 2000). The findings 
affect large EGUs and both non-EGU boilers and turbines located in 12 northeast States and the District of Columbia. 
Like the NO, SIP call, EPA has finalized a Federal NO, Budget Trading Program based on the application of a population
wide 0.151b/mmBtu NO, emission rate for large EGUs and a 60 percent reduction from uncontrolled emissions for large 
non-EGUs. The final Section 126 actions is projected to reduce summer-season NO, emissions by 510,000 tons in the 
12 affected States and D.C. The compliance deadline is May 1, 2003. 


2. Title IV NO, Requirements 


Title IV of the CAAA authorized EPA to establish an Acid Rain Program to reduce the adverse effects of acidic deposition 
on ecosystems, natural resources, materials, visibility, and public health. Emissions ofS02 and NO, from the combustion 
of fossil fuels are important contributors to acidic deposition in the annosphere. Title IV includes provisions de~igned 
to address NO, emissions from existing power plants. 


Acid Rain NO,, Reduction Program Under Title IV of the CAAA, the Acid Rain Program uses a two-phased str~tegy . 
to achieve the required annual reductions in NO .. emissions. Effective January 1, 1996, Phase I established regulations 
for Group 1 boilers, which include dry-bottom, wall-fired boilers, and tangentially fired (T-fired) boilers. In Phase II, 
which began on January 1, 2000, lower emissions limits are set for certain Group 1 boilers, and regulations are established 
for Group 2 boilers, which include cell-burner, cyclone, wet-bottom wall-fired, and other types of coal-fired boilers. The 
regulations allow for emissions averaging in which the emissions levels established by EPA are applied to an entiregroup 
of boilers owned or operated by a single company. 


Beginning January 2000, Phase II of the Acid Rain Program requires annual average emission rates for most Group 1' 
boilers of0.46lb/mmBtu for dry-bottom wall-fired boilers and 0.40 lb/mmBtu for tangentially fired boilers. Some.Group ·. 
1 boilers are not affected by the Phase II rates and will continue to comply with the Phase I annual average emission rates 
of0.50 lb/mmBtu for dry-bottom wall-fired boilers and 0.45 lb/mmBtu for tangentially fired boilers. The Phase li limits 
are 0.68 lb/mmBtu for cell burners, 0.86 lb/mmBtu for cyclones greater than 155 MWe, 0.84 lb/mmBru . .for wet bottom 
boilers greater than 65 MWe, and 0.80 lb/mmBtu for vertically fired boilers. Phase I compliance results for 1996 show 
that, from 1990 to 1996, the overall NO, emission reductions for the affected boilers totaled about 340·,000 tons, i.e. a 
reduction of33 percent. In Phase Il, approximately 2.06 million tons per year ofNO, reductions are projected to result 
from the Acid Rain NO, Program requirements. 


Revised NO,, New Source Performance Standards (NSPS) Under the CAA, new power plants are subject to NSPS that 
represent maximum allowable emission rates and are based upon the best adequately demonstrated technology. EPA 
promulgated a revised NO, NSPS for fossil fuel-fired utility and industrial boilers in 1998 (63 FR 49442, September 16, 
1998). The new standards revise the NO, emission limits for steam generating units in subpart Da (Electric Utility Steam 
Generating Units) and subpart Db (Industrial, Commercial, Institutional Steam Generating Units) and affect only units 
for which construction, modification, or reconstruction commenced after July 9, 1997. The NO, emission limit in the final 
rule for new subpart Da units is 201 nanograms per joul~ (ng/J) [1.6 lblmegawatt-hour (MWh)] gross energy output 
regardless of fuel type. For existing sources that become subject to subpart Da through modification or reconstruction, 
the NO, emission limit in the final rule was 0.15 lb/million Btu heat input. The estimated decrease in baseline nationwide 


·NO, emissions is 25,800 tons per year which represents about a 42 percent reduction in growth of NO, emissions from 
new utility and industrial steam generating units subject to NSPS. In response to litigation, in December 1999, the EPA 
voluntarily remanded the limitforexisting sources subject to subpa!J Da through modification or reconstruction. The limit 
for new sources was upheld by the Court. 
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III. Compliance Experience 


Between 350,000 to 400,000 tons of annual NO, emissions have been reduced under Phase I of the Acid Rain NO, 
Program, and approximately 209,000 tons of annual NO, emissions have been reduced by eight States under the OTC NO, 
Budget Program. (These reductions are not additive, since some units are simultaneously affected by both programs.) 
Experience over the past four years provides insight into the actual reductions being achieved by the application of 
different NO, control technologies. This section examines the compliance options chosen by affected sources, and 
explores the NO, emissions reductions under both programs. 


NO, reduction technologies for boilers can be grouped into two categories: combustion controls and post-combustion 
controls (see Appendix A). Combustion controls-- which include operational modifications, low-NO, burners (LNBs), 
gas reburning, and overfire air (OF A)- reduce NO, formation during the combustion process. Post-combustion controls, 
which include selective catalytic reduction (SCR) and selective non-catalytic reduction (SNCR), reduce NO, after it has 
been formed. The primary technology currently used to meet Acid Rain NO, Program requirements is LNBs. The OTC 
NO, Budget Program requirements are generallymetthrough a mix of combustion controls and post-combustion controls. 


I. Acid Rain Program Experience 


Under the Acid Rain NO, Program, an affected source ofNO, emissions has three compliance options. It can comply by 
(1) meeting the applicable emission limit (i.e., achieving an annual average emission rate lower than the applicable 
emission limit), (2) averaging its emission rate with other owned sources to achieve the emission limit, or (3) meeting a 
less stringent Alternative Emission Limit (AEL). To be considered for an AEL, an affected source must establish that it 
uses the required NO, control technology designed to meet the applicable emission limit, that the technology was properly 
designed, installed and operated, and that the unit is still unable to meet the applicable limit. After reviewing the petition 
submitted by the source, EPA determines whether an AEL is warranted based on analyses of emissions data and 
information about the NO, control equipment. 


Because Phase I of the program began on January I, I 996, this evaluation is based on the data currently available for 1996 
through I 998.2


•
3


•
4 Table2 shows the compliance options selected by the affected Phase I sources in each ofthe years I 996 


through 1998. These selections demonstrate that most of the sources complied with the requirements by averaging their 
emissions. Thus, in general, the owners/operators of affected sources chose to achieve NO, reductions at units where it 
was technically easier and/or more cost-effective to do so. The emissions achieved at these units, when averaged with 
emissions from uncontrolled units, resulted in compliance with the program requirements. Also, as seen in Table 2, very 
few sources needed AELs to comply with their requirements This indicates that NO, control technology applications 
appear to be technically feasible and operating reliably. 


Table 2. Compliance options selected by the Phase I sources under the Acid Rain NOx Program 


Year Number of Affected Number of Sources Choosing to Comply Using: 
Sources 


Emission limit Emissions averaging AEL 


1996 239 46 189 4 


1997 265 52 204 9 


1998 265 51 204 10 


The estimated NO, reductions achieved through the Acid Rain NO, Program in the first three years of implementation 
are shown in Table 3. Since this program does not set a cap on NO, emissions in tons, the certainty and pattern ofNO, 
reductions does depend on the utilization of sources. These NOx emissions reductions range from about 340,000 tons 
from 239 sources in 1996, to 409,321 tons from 265 sources in 1997. The reduction in 1998 is lower than that in 1997. 
Moreover, the reductions appear to be decreasing from 33 percent in 1996 to 29.3 percent in 1998. However, the fewer 
affected sources in 1996 compared to 1997 and 1998, confounds these observations. In order to examine these reductions 
on a more common basis, the average emission rate achieved from these sources in the years 1996, 1997, and 1998 is also 
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presented. As seen in this table, while there was a decrease in NO, emissions reduction, the average emission rate 
decreases from 0.418lb/mmBtu in 1996 to 0.409 lb/mmBtu in 1998. As explained in the EPA's 1998 Compliance Report, 
this can be attributed, in part, to greater power generation, as evidenced by increases in heat input of 3 percent in 1997 
and 6 percent in 1998, compared to 1996. 


Table 3. Estimated NO, reductions from 1990 level achieved by Phase I sources. 


Year :"Jo. of Affected Sources NO, Reduction (tons) NO, Reduction(%) Average NO, Emission 
from 1990 from 1990 Rate (lb/mmBtu) 


1996 239 340,000 33.0 0.418 


1997 265 409,321 31.8 0.412 


1998 265 390,254 29.3 0.409 


The estimated NO, reductions in 1998 associated with a given NO, control technology are shown in Table 4. For dry 
bottom, wall-fired boilers, Phase I units were employing both LNB and LNB with OFA to achieve average emissions rates 
of 0.45 lb/mmBtu and 0.47 lb/mmBtu, respectively. Considering that the average emission rate for L~B with OF A is 
higher than that for LNB, and that the reduction in NO, emission rates from 1990 is greater for LNB with OF A, it appears 
that sources with higher uncontrolled emissions employed the use of LNB with OFA. In addition, the majority of dry 
bottom, wall-fired units that reported the use of no NO, controls achieved an overall reduction in NO, emission rates from 
1990 rates. In this group of uncontrolled units, over half of the units had a reduction of NO, emission rates generally 
between 3 and 15 percent from 1990 rates, a few units had reductions in NOx emission rates greater than 25 perc~nt,, and 
some units had an increase in NO, emission rates. (Note that the NO, control technology information is based on repg~~J1g 
by sources, and has not been completely verified. Some of the reported uncontrolled sources could represent controlled 
sources.) These NO, reductions from reported uncontrolled sources that possibly combustion modifications alone are 
achieving substantial NO, reductions. 


Table 4. Phase I NO, reduction compliance choices 


NO, Control Technology No. ofBoiler 1998 Average NO, Emission NO, Reduction from 
Applications Rate (lb/mmBtu) 1990 levels 


'L 
Dry Bottom, Wall- LNB 66 0.45 44% 
Fired Units 


LNB with OFA 21 0.47 48% 


Tangentially LNB 44 0.36 43% 
Fired Units 


Separated OFA 23 0.37 33% 


LNB with separated OFA 23 0.36 45% 


Phase I tangentially fired units, which are employing LNB, separated OF A, and a combination of LNB and separated 
OFA, are achieving an average emission rate between 0.36 lb/mmBtu and 0.371b/mmBtu with these tec)mologies. Like 
wall-fired boilers, the greatest NO, emission rate reductions from 1990 levels is achieved with LNB with separated OF A, 
followed by LNB only, and separated OFA only. Thus, it appears that units with higher uncontrolled emissions employed 
the use ofLNB with overtired air. In addition, the majority of tangentially fired units that reported using no NO, controls 
achieved an overall reduction in NO, emissions rates from 1990 rates. In this group of uncontrolled units, some units had 
an increase in NO .. emission rates from 1990 rates, and over half of the units had a reduction of NO, emission rates 
generally between 4 and 19 percent from 1990 rates. Again, these NO, reductions from reported uncontrolled sources 
suggest that possibly combustion modifications alone are achieving substantial NO, reductions. 


The use of emissions averaging and the actual emission rates that combustion controls are achieving indicate that units 
are comfortably meeting the annual NO, emissions rates established under Phase I of the Acid Rain Program. Although 







emission averaging encourages sources to achieve more with combustion controls than strictly meeting the annual limit 
these Acid Rain results may not represent what combustion controls are completely capable of achieving. A NO, trading 
program, like that discussed below for the OTC, provides an economic incentive (selling NO, allowances) for a unit to 
go well beyond its re.quired annual emission limit. As a result, the OTC Program results may provide a better indicator 
of what performance combustion controls are capable of achieving. 


2. OTC NO, Budget Program Experience 


Phase II of the OTC NO, Budget Program began on May I, 1999, with the objective of reducing NO, emissions in twelve 
northeastern States to attain the NAAQS for ground-level ozone. Unlike the Acid Rain NO, Program, which uses 
emissions averaging to ease compliance with the annual emissions limit, the NO, Budget Program uses inter-facility 
emissions trading to facilitate cost-effective compliance with a fixed cap on ozone season NO, emissions. Under this 
program, an affected source has three primary compliance options. It can comply by (1) emitting at a level commensurate 
with the unit's allocation, (2) emitting less than the allocation and either banking or selling surplus allowances, or (3) 
emitting more than the allocation and purchasing additional allowances for compliance. This section examines how the 
NO, reductions were generally achieved under the OTC NOx Budget Program, and explores the use of allowance markets 
as a compliance flexibility mechanism. 


Compliance Choices In order to assess the compliance options the sources selected, 1990 ozone season emissions were 
compared to 1999 ozone season emissions for coal-fired OTC Budget sources that are also Acid Rain units. Only Acid 
Rain units were examined because the 1990 data was readily available for these sources. 


The estimated NO, reductions associated with a given NO, controltechncilogy for coal-fired units in theOTC NO, Budget 
Program are shown in Table 5. For dry bottom, wall"fired boilers, OTC tin its were employing LNB, LNB with overtired 
air, SNCR, and SCR, with ozone season emissions rates ranging from 0.21 lb/mmBtu to 0.41 lb/mmBtu. As expected, 
the average ozone season emission rate was lower for the post-combustion control technologies, with SCR achieving the 
lowest emission rate. In addition, the overall reductions from 1990 emission rates was greatest for the SCR retrofit and 
the least for LNB retrofits. Although the ozone emission rate for the SCR retrofit was 0.21 lb/mmBtu, the third quarter 
emission rate was 0.18lb/mmBtu, which might more accurately reflect the emission rate achieved by the SCR that began 
full operation in July. Since the unit is comfortably achieving OTC Phase 11 requirements, the level of reduction achieved 
by the SCR retrofit may not represent what SCR is capable achieving. Most likely this SCR retrofit will continue to 
achieve greater NOx reduction once the third phase of the OTC trading program begins. 


Table 5. OTC NOx Budget Program compliance choices 


~Ox Control Technology No. ofBoiler 1999 Average Ozone NO, Reduction from 
Applications Season NO, Emission 1990 Levels 


Rate (lb/mmBtu) 


Dry Bottom, Wall- LNB II 0.41 52% 
Fired l"nits 


LNB with OFA 15 0.38 56% 


SNCR with LNB' 8 0.35 66% 


SCRb I 0.18 71% 


Tangentially Fired LNB 4 0.33 36% 
Units 


Separated OF A 9 0.31 43% 


LNB with separated OFA 21 0.28 59% 


SNCR with LNB 3 0.32 56% 


Cyclone Units SCR 2 0.30 80% 


Cell Burner Units LNB 4 0.42 69% 
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Material excluded:  Report titled “B&Ws NOx Reduction 


Systems and Equipment at Moss Landing Power Plant,” 


authored jointly by Babcock & Wilcox Company, 


Cormetech Inc., and Duke Energy North America, and 


presented at the ICAC NOx Forum in Washington, DC on 


March 23-24, 2000.  Transmitted from Sierra Club to EPA 


as part of Exhibit 45. 


 


Reason for exclusion:  The report has been identified by 


Babcock & Wilcox as copyrighted material. 


 


Where to find the excluded report:  The report is available 


at the EPA Region 8 office in Denver, Colorado, as part of 


the Administrative Record for EPA’s PSD permit 


correction action for Deseret Power’s Bonanza power plant.  


If you wish to view the report, please contact Mike Owens, 


Air Program, EPA Region 8, at 303-312-6440, or by email 


at owens.mike@epa.gov, to schedule an appointment.     
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RBLC ID:IA0067
Corporate/Company:MIDAMERICAN ENERGY COMPANY


Facility Name:WALTER SCOTT JR. ENERGY CENTER
Process:CBEC 4 BOILER


Pollutant: Nitrogen Oxides (NOx) CAS Number: 10102


 
Pollutant Group(s): InOrganic Compounds, Oxides


of Nitrogen (NOx),
Particulate Matter (PM),


Substance Registry System:Nitrogen Oxides (NOx)


 
Pollution Prevention/Addon Control Equipment/Both/No Controls Feasible: A
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  CasebyCase Basis: BACTPSD
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  Emission Limit 1: 0.0700 LB/MMBTU 30 DAY ROLLING AVERAGE
  Emission Limit 2: 2353.0000 T/YR
  Standard Emission Limit: 0.0700 LB/MMBTU 30 DAY ROLLING AVERAGE
COST DATA:
  Cost Verified? No
  Dollar Year Used in Cost Estimates: 2002
  Cost Effectiveness: 3183 $/ton
  Incremental Cost Effectiveness: 0 $/ton


  Pollutant Notes: THE 30 DAY ROLLING AVERAGE DOES NOT INCLUDE EMISSIONS
FROM STARTUP, SHUTDOWN, OR MALFUNCTION. THE TON/YR
LIMIT INCLUDES ALL EMISSIONS INCLUDING STARTUP,
SHUTDOWN, AND MALFUNCTION.
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Abstract


This report provides a methodology for estimating budgetary costs associated with retrofit
applications of selective catalytic reduction (SCR) technology on coal-fired boilers. SCR is a post-
combustion nitrogen oxides (NOX) control technology capable of providing NOX reductions in excess
of 90 percent. With SCR, NOX reductions are achieved by injecting ammonia into the flue gas, which
then passes through layers of catalyst in a reactor. The ammonia and NOX react on the surface of the
catalyst, forming molecular nitrogen and water. In the United States, SCR has been applied mainly to
electrical utility boilers firing coal and natural gas and ranging in capacity from 25 to 800 megawatts
(MW).


The costing methodology presented in this report is applicable to SCR retrofits on coal-fired boilers
ranging in capacity from 100 MW to approximately 850 MW and with design efficiencies greater
than 80 percent and up to 95 percent of NOX removal. The cost equations and variables used in the
methodology are based on information obtained from SCR system suppliers and reflect experience
gained from over 200 SCR applications. It is noted, however, that the budgetary cost estimates for
typical SCR applications that this methodology can provide cannot replace the detailed site-specific
engineering cost studies or cost quotations that are developed by SCR system suppliers.
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Chapter 1
Introduction


Selective catalytic reduction (SCR) is a post-combustion nitrogen oxides (NOX) control technology
capable of providing NOX reductions in excess of 90 percent.1 With SCR, NOX reductions are
achieved by injecting ammonia (NH3) into the flue gas, which then passes through layers of catalyst
in a reactor. The NH3 and NOX react on the surface of the catalyst, forming molecular nitrogen (N2)
and water.


SCR has been applied to stationary source, fossil-fuel-fired combustion units for NOX emission
control since the early 1970s and is currently being used in Japan, Europe, and the United States.2,3,4 It
has been applied to large utility and industrial boilers, process heaters, and combined cycle gas
turbines. In the United States, SCR has been applied mainly to electrical utility boilers firing coal and
natural gas ranging in size from 25 to 800 megawatts (MW).


This report provides a methodology for estimating budgetary costs associated with typical retrofit
applications of selective catalytic reduction (SCR) technology on coal-fired boilers. The cost
equations and variables used in the methodology are based on information obtained from SCR system
suppliers and reflect experience gained from over 200 SCR applications. It is noted, however, that the
budgetary cost estimates for typical SCR applications that this methodology can provide cannot
replace the detailed site-specific engineering cost studies or cost quotations that are developed by
SCR system suppliers.


The cost estimates developed using the costing methodology have been considered in the context of
estimates made using other approaches 5,6,7,8 as well as estimates from reported case studies.9,10,11 In
general, there tends to be good agreement between predictions of this methodology and reported
estimates of capital and operation and maintenance (O&M) costs. 
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Chapter 2
Description of the SCR Technology


In the SCR process, NH3 is injected into the flue gas within a temperature range of about 315 to 400
°C (600 to 750 °F), upstream of a catalyst. Subsequently, as the flue gas contacts the SCR catalyst,
NOX, which predominantly is NO in combustion devices, is chemically reduced to nitrogen as
follows:


2NO + 2NH3 + ½O2 → 2N2 + 3H2O (1)


Figure 1 shows the process layout of an SCR system in which the catalyst is located between the
economizer and the air preheater. This process layout, known as hot-side SCR, is most commonly
used in SCR applications.


Equation (1) indicates that, theoretically, 1 mole of NH3 is required to reduce 1 mole of NO. Any
unreacted NH3 released from the SCR system, known as NH3 slip, is undesirable because it may
combine with sulfur dioxide (SO2) and sulfur trioxide (SO3) in the flue gas to generate ammonium
sulfate and bisulfate compounds that may cause fouling of downstream equipment, especially the air
preheater. By maintaining close to the theoretical stoichiometry, the NH3 slip can be kept at
acceptable levels in properly designed modern SCR systems,12 while NOX reductions in excess of 90
percent can be achieved.


Figure 1. Process flow schematic for an SCR application.
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NOX reduction with NH3 is exothermic, resulting in the release of heat. However, because the NOX
concentration in the flue gas at the inlet of the SCR is typically 0.02 to 0.01 percent by volume, the
amount of heat released is correspondingly small.


With a properly designed and controlled NH3 injection rate and typically 2 to 4 percent excess
oxygen, the NOX reduction reactions achieve completion, provided the reaction temperature is
maintained within the required range. 


The catalyst plays a central role in this NOX control technology. Originally, SCR catalysts were made
of precious metals such as platinum. In Japan, researchers started using base metals consisting of
vanadium, titanium, and tungsten in the late 1970s, thereby significantly reducing costs. Further
improvements in catalyst formulations have resulted in decreased unwanted side reactions such as
SO2 to SO3 conversions, increased resistance to flue gas poisons, and increased catalyst activity. As a
consequence, catalyst volumes needed to achieve a given level of NOX reduction have decreased and
the operating life of catalysts has increased.


SCR systems have been operating for many years on fossil-fuel-fired boilers in Japan, Europe, and
the United States and have experienced relatively few operational or maintenance problems. Thus,
SCR is considered to be a NOX control technology that is capable of providing a high degree of NOX
reduction in a reliable manner.
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Chapter 3
Description of the Costing Methodology


The methodology is applicable to SCR retrofits on coal-fired boilers with design efficiencies greater
than 80 percent and up to 95 percent of NOX removal. The methodology was not extended to lower
NOX removal efficiencies for several reasons. First, in general, there has been less of a demand for
achieving low NOX removal efficiencies (i.e., below 70-75 percent) with SCR.13,14,15,16 This is
because, typically, SCR systems with higher NOX removal efficiencies are more cost effective.
Second, the procedures for obtaining budgetary cost estimates at lower NOX removal efficiencies are
already available.7 Finally, SCR systems designed for lower NOX removal efficiencies often may be
more applicable to unique applications such as SNCR/SCR hybrid systems;16,17,18 however, such
applications are not in the scope of this work.


The methodology can be applied to coal-fired boilers ranging in capacity from 100 to approximately
850 MW and is applicable to all coal-fired boiler types. The range of inlet NOX (i.e., NOX
concentration at the inlet of the SCR reactor) in this methodology can vary between 0.15 and 2.5
lb/106 Btu of NOX. The costing equations and variables are based on experience gained at over 200
SCR applications in the U.S. and around the world. Data fit constants used in these equations are also
based on industry data. In general, as a budgetary costing procedure not intended to be a substitute for
a more detailed unit specific study, the methodology is thought to slightly overestimate cost in most
cases. 
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Chapter 4
Costing Algorithms


Costing algorithms for capital, fixed O&M, and variable O&M costs are described in this section.


Capital Cost
The capital cost of a SCR retrofit is estimated in $/kW (January 2000 dollars) using Equation (2)
below:


D = 75 {300,000 [(B/1.5)0.05 (C/100) 0.4]/A}0.35 (2)


where:


D = capital cost ($/kW)
75 = capital cost ($/kW) associated with a typical SCR retrofit on a 300,000 kW coal-fired unit
300,000 = reference to a 300,000 kW baseline unit (basis for the economy-of-scale adjustment in
the equation)
B = NOX (lb/106 Btu) at the inlet of SCR reactor; range of approximately 0.15 – 2.5 lb/106 Btu 
1.5 = reference NOX concentration in lb/106 Btu at SCR inlet
0.05 = exponent for inlet NOX concentration 13


C = NOX removal efficiency (percent); range of greater than 80 and up to 95 percent
0.4 = exponent for NOX removal efficiency 13


A = plant capacity (kW); range of approximately 100,000 – 850,000 kW
0.35 = exponent for an economy-of-scale adjustment factor (scaled from 300,000 kW unit) 16,19


The capital cost estimated by Equation (2) accounts for the costs associated with equipment,
installation, engineering, contingency, spare parts, and commissioning. However, this cost does not
include an allowance for funds during construction (AFDC) because of a relatively short construction
schedule associated with typical SCR installations. Note that capital cost as estimated by Equation (2)
is a function of three primary parameters: plant capacity (kW), initial NOX (lb/106 Btu), and NOX
removal efficiency (percent). Additional comments on these parameters are provided below.


Plant Capacity
The capital cost equation is reliable for plant capacities in the 100 MW to 850 MW range. As noted
above, the capital cost equation was derived based on a 300 MW unit. Capital cost estimates for units
other than 300 MW are obtained by the application of a scaling factor. Applying this equation to
capacities significantly greater than 850 MW could result in economy-of-scale benefits that would not
normally occur.16 However, in situations where SCR retrofits are considered for significantly larger
capacity units (e.g., two 1300 MW boilers at the Gavin and Cumberland facilities), the combined
capacity is often split between multiple air heaters and catalyst reactors. For example, two 1300 MW
capacity units could be treated by utilizing three air heaters and three catalyst reactors, each with
approximately 867 MW capacity.16 Therefore, units significantly larger than 850 MW can generally
be accommodated by this methodology.
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Inlet NOX 
Equation (2) is reliable for inlet NOX in the range of 0.15 and 2.5 lb/106 Btu. This range would
accommodate most coal-fired boilers including uncontrolled cyclone units that operate with inlet NOX
in the range of approximately 0.9 to 2.5 lb/106 Btu.


NOX Removal Efficiency
The capital cost equation is reliable for NOX reduction efficiencies greater than 80 and up to 95
percent. Note that these efficiencies depend on catalyst specifications including formulation and size.
These specifications, as well as the associated reactor size, will vary from manufacturer to
manufacturer and are proprietary. 


Design and Installation 13,14,16,20 


The costing methodology presented in this report is for a typical (or average) SCR retrofit and,
therefore, assumes a generic SCR system design and installation. With this constraint, the
methodology is not suitable for estimating detailed site-specific costs of an SCR application. The
following discussion briefly explains the major elements that can influence the cost of an SCR retrofit
and how they were accommodated in the methodology. 


The major design elements that can influence the cost of an SCR retrofit on a coal-fired boiler are:


reagent storage, vaporizer, dilution fan/chamber, piping, and injection grid; 
ductwork for flue gas, and economizer bypass;
SCR reactor bypass;
air heater modifications;
soot blowers and modification to ash handling system;
fans and electrical supply and equipment; 
SCR reactor(s) and catalyst;
structural steel; 
foundations; 
enclosures; and
instrumentation and controls.


The extent of incorporation of the above elements in an SCR system design is dependent on the plant
layout. For example, a relatively constrained plant layout may involve a more difficult SCR system
design compared to a relatively unconstrained layout and, therefore, may require more ductwork and
air heater modifications. In contrast, a relatively unconstrained layout may not need air heater
modifications and more than the typical amount of ductwork. To account for varying levels of design
complexity, a degree of difficulty is associated with an SCR retrofit application.13,14,16, 21 In this
context, the average degree of difficulty is assigned to a retrofit where the SCR installation is
relatively simple (i.e., the facility has adequate space for the SCR system). Equation (2) assumes this
average degree of difficulty.


Although the capital cost equation applies only to SCR retrofits on coal-fired boilers, it can be used to
develop estimates for new coal-fired unit SCR applications. Generally, these latter applications will
experience less design and installation constraints since the SCR is part of the overall plant design
and construction. Therefore, in general, the capital cost of a retrofit application would be 20-50
percent higher compared to that of a new application.9 
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Fixed Operation and Maintenance (O&M) Cost
The fixed O&M cost is a function of the capital cost estimate and is estimated using Equation (3)
below: 


E = D * A * C (3)


where:


E = fixed O&M cost ($/yr)
D = capital cost ($/kW) from Equation (2)
A = plant capacity (kW); range of approximately 100,000 – 850,000 kW
C = a constant; 0.0066 yr-1


The fixed O&M cost is the sum of the annual maintenance material and labor cost, and is estimated to
be 0.66 percent 16 of the capital cost. It should be noted that while assumptions of as much as 2
percent have been used in a number of other estimation methods, information from recent case studies
have shown this value to generate fixed cost estimates that are generally too high. For example, the
assumption of 2 percent along with 80 $/kW for a 300 MW application would result in a fixed O&M
cost of 480,000 $/yr, a value much higher than approximately $100,000 associated with boiler
capacities of 300 to 350 MW.9 However, it should be noted that fixed O&M cost tends to be a small
portion of the annual cost associated with application of any NOX control technology. It is also
important to note that Equation (3) does not include the cost associated with catalyst replacement. In
this methodology, catalyst replacement cost is included in the variable O&M cost estimate.


Variable O&M Cost
The variable O&M cost, F, is estimated in $/yr using Equation (4):


F = G [225 * (0.37B * H * C/100 * 8760/2000) * 1.005 * 1.05 + 0.025 * D * A * 
{(B/1.5)0.05 (C/100) 0.4} + 1.45 * A] (4)


As expressed above, Equation (4) addresses the costs associated with reagent usage, catalyst
replacement, and energy consumption. These costs are calculated as follows.


NH3 use cost ($/yr) = G * 225 * (0.37B * H * C/100 * 8760/2000) * 1.005 * 1.05 (4a)


where:


G = annual capacity factor (expressed as a fraction)
225 = anhydrous NH3 cost in $/ton
0.37 = molecular weight of NH3/molecular weight of NOX measured as NO2 = 17.03/46.01
B = inlet NOX (lb/106 Btu); range of 0.15 – 2.5 lb/106 Btu
H = heat input (106 Btu/hr) 
C = NOX removal efficiency (percent); range of greater than 80 and up to 95 percent
8760 = hr/year 


2000 = lb to ton conversion
1.005 = design margin that accounts for NH3 slip (see the appendix)
1.05 = design margin that accounts for small amount of NO2 in flue gas (SCR chemistry requires


2 moles of NH3 per mole of NO2 instead of 1 mole of NH3 per 1 mole of NO)







8


Annual catalyst replacement cost ($/yr) = G * 0.025 * D * A * [(B/1.5)0.05 (C/100) 0.4] (4b)


where:


G = annual capacity factor (expressed as a fraction)
0.025 = catalyst deactivation factor for coal-fired units (yr-1).13,14,16 
D = capital cost ($/kW)
A = plant capacity (kW); range of approximately 100,000 – 850,000 kW
B = inlet NOX (lb/106 Btu); range of 0.15 – 2.5 lb/106 Btu 
1.5 = reference NOX concentration in lb/106 Btu at SCR inlet
0.05 = exponent for inlet NOX 
C = NOX removal efficiency (percent); range of greater than 80 and up to 95 percent
0.4 = exponent for percent NOX removal efficiency13


Note that, based on information from industry, 0.025 was selected as the default factor associated
with catalyst replacement in Equation (4b).16 However, it is important to note that this factor is likely
to remain debatable among catalyst, as well as system, suppliers. The factor of 0.025 assumes that
one catalyst layer would be replaced approximately every 15,000 and 20,000 hours of operation.
Other values of this factor have been suggested,13, 16 including values as high as 0.075, and as low as
0.01. The lower the factor, the slower the catalyst deactivation being assumed. Given the importance
of catalyst cost, changing factors over a broad range can result in a significantly increased (or
decreased) estimate for variable O&M cost. Selection of the default factor of 0.025 is consistent with
the overall approach of this methodology of developing conservative cost estimates for typical or
average SCR retrofit applications. This factor is dependent upon the number of hours a unit is
assumed to operate per year. The factor of 0.025 assumes full-year operation of the catalyst (i.e., no
bypass). If the catalyst is used only during an ozone season (typically a 5-month period), the number
of useful years for the catalyst could increase, warranting a lower value for the factor. This variable
can also change as a function of fuel quality (e.g., use of high/low sulfur or more/less arsenic content
of coal). Generally, the more “difficult” is the fuel for SCR application (e.g., Powder River Basin coal
with potential for catalyst masking due to high ash alkalinity), the higher is the factor. In such a
context, a higher factor (possibly approaching 0.075) could be deemed reasonable in Equation
(4b).13,14,16 


In Equation (4b), the average catalyst life is assumed to be approximately 15,000 to 20,000
hours.6,16 In this methodology, a “three plus one” layer catalyst arrangement is assumed (three catalyst
support layers plus one “spare/dummy” layer). This arrangement includes a spare catalyst layer and
has an advantage such that only one catalyst layer is replaced at the end of 15,000-20,000 hours.
There is also an underlying assumption that the catalyst cost 6,16 is $8000/m3, which may be more
representative of the current catalyst market, rather than the historical market (e.g., some studies have
noted catalyst cost at existing retrofits closer to $11,000 to $14,000 /m3).9


Energy requirement cost ($/yr) 17 = G * 1.45 * A (4c)


where:


G = annual capacity factor (expressed as a fraction)
1.45 = a constant ($/kW-yr) = 0.03 (cost of energy in $/kWh) * 8760 (h/yr) * 0.0055 (fraction cost


of auxiliary power/unit of generation)
A = plant capacity (kW); range of approximately 100,000 – 850,000 kW
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Note that power cost assumes that typical coal-fired SCR applications use 0.5 to 0.6 percent of the
total auxiliary power cost. Therefore, 0.55 percent is used as a default.16 Additionally, an assumption
of 6 to 7 inches (15.24 to 17.78 cm) of water pressure drop through the SCR system is implicit in
Equation (4c).16


Table 1 presents a summary of equations presented in this section and illustrates their use through
an example. Further, Table 2 presents cost estimates calculated with the methodology for SCR
retrofits on a range of plant capacities with varying NOX reduction requirements.
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Chapter 5
Validation of the Costing Methodology


The costing methodology was derived from information provided by SCR system suppliers and is
deemed valid for typical coal-fired SCR retrofit applications for NOX removal efficiencies greater
than 80 and up to 95 percent. However, it is important to note that this methodology is intended and
valid for developing budgetary cost estimates and assumes typical installations. Therefore, the
methodology should not be expected to account for reported costs of each site-specific SCR retrofit
application. 


In a 1998 study 9 conducted for Northeast States for Coordinated Air Use Management (NESCAUM)
and Mid-Atlantic Regional Air Management Association (MARAMA), the capital cost for SCR
retrofit on dry-bottom wall- and tangentially fired boilers to achieve 85 percent NOX reduction was
estimated to be between 70 and 90 $/kW. Similarly, the study estimated that capital cost of SCR
retrofits to achieve 90 percent NOX reduction from wet-bottom boilers would also range between 70
and 90 $/kW. Note that these estimates were based on 330 MW units. In comparison, the costing
methodology results in an estimate of approximately 70 $/kW for similar units. 


Recent literature reflects a range of 55 to 140 $/kW as being typical of site-specific retrofit SCR
capital costs for all types of utility boilers.8 By comparison, the costing methodology estimates a
capital cost range of approximately 50 to 110 $/kW to achieve 85 to 95 percent NOX removal
efficiency. 


The NESCAUM/MARAMA report (in Appendix D) estimated a combined fixed and variable O&M
cost of reducing NOX by 70 to 80 percent for a 330 MW dry bottom boiler at approximately $1.1
million/yr and approximately $2.8 million/yr for a similar-sized wet bottom boiler.9 The costing
methodology estimates the combined fixed and variable O&M costs for all boiler types to be about
$1.0 million/yr to $1.7 million/yr for 85 percent NOX removal and initial NOX ranging between 0.45
and 1.5 lb/106Btu. In another economic analysis by Gaikwad and Boward,6 for SCR retrofits on 300
and 500 MW boilers to reduce NOX by 80-85 percent, combined O&M costs were estimated to be
between $1.6 million/yr and $3.2 million/yr.


Based on above comparisons, the capital and O&M cost estimates derived from applying this
methodology are deemed reasonably accurate and fall well within the ranges reported elsewhere.9,16


Actual cost reported from site-specific SCR retrofit applications, as well as individual facility
engineering studies, would more accurately reflect the circumstances of individual facilities. As a
result, it is also reasonable to expect that reported actual costs may not always conform to budgetary
cost estimates that have been designed around typical installations. While the methodology has been
shown to consistently estimate costs that fit well with other reported actual and estimated costs,
occasionally it can be expected that there will be data with higher or lower costs.
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Chapter 6
Conclusions


This report provides a costing methodology for estimating budgetary costs associated with retrofit
applications of SCR technology on coal-fired boilers. The methodology is applicable to SCR retrofits
on coal-fired boilers ranging in capacity from 100 to approximately 850 MW and with design
efficiencies greater than 80 and up to 95 percent of NOX removal.


The cost equations and variables used in the methodology are based on information obtained from
SCR system suppliers and reflect experience gained from over 200 SCR applications in the U.S. and
abroad. Data fit constants used in the cost equations are also based on industry data.


The capital and O&M cost estimates derived from applying this methodology fall well within the
ranges reported elsewhere. For example, recent literature reflects a range of 55 to 140 $/kW as being
characteristic of retrofit SCR system capital cost for all types of utility boilers. By comparison, the
costing methodology estimates a capital cost range of approximately 50 to 110 $/kW to achieve 85 to
95 percent NOX removal efficiency. 


The costing methodology presented in this report can be used to estimate budgetary costs of SCR
application over the spectrum of boiler sizes and types. However, the estimates that this methodology
can provide cannot replace the detailed site-specific engineering cost studies or cost quotations.
Actual cost reported from site-specific SCR retrofit applications, as well as individual facility
engineering studies would more accurately reflect specific circumstances of an individual installation.
In general, the methodology is thought to slightly overestimate cost in most cases. 
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Table 1. A summary of equations used in the costing methodology.


Cost Basis: January 2000 dollars


Capital Cost


Capital Cost Equation:     D    = 75 * (300,000 ((B/1.5)^.05*(C/100)^0.4)/A)^0.35


Plant Capacity, kW A
Initial NOx, lb/106 Btu B
NOx Reduction Efficiency, % C
Capital Cost, $/kW D


For example, if A=600000 kW, B=0.45 lb/MBtu, C=85%


D, $/kW  = 56.32                                         


Fixed O&M Cost


Fixed O&M Cost Equation:      E   = D * A * 0.0066


Plant Capacity, kW A
Capital Cost, $/kW D
Fixed O&M Cost, $/yr E


For example, if A = 600000 kW, D = 56.32


E, $/yr   = 223,027.20                                


Variable O&M Cost


Variable O&M Cost Equation:      F   = 
  0.025*D*A*((B/1.5)^.05*(C/100)^.4) + 1.45 *A)


Plant Capacity, kW A
Initial NOx, lb/106 Btu B
NOx Reduction Efficiency, % C
Capital Cost, $/kW D
Annual Capacity Factor G
Heat Input to Boiler, 106 Btu/hr  H
Variable O&M Cost, $/yr F


For example, if A=600000 kW, B=0.45 lb/106 Btu, C=85%, D=$56.32/kW, G=0.65, H=6000 106Btu/hr


F, $/yr  = 1,623,993.96                             


G*(225*(0.37*B*H*C/100*8760/2000)*1.005*1.05 + 
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Table 2. Calculation of Cost Estimates using the costing methodology.
(Costs are based on January 2000 dollars)


 EXAMPLE 1 
NOx Reduction Efficiency, % 85 85 85 85 85 85 85 85
Plant Capacity, kW 100,000 200,000 300,000 400,000 500,000 600,000 700,000 800,000
Boiler Heat Input, 106Btu/hr 1000 2000 3000 4000 5000 6000 7000 8000
Initial NOx, lb/106Btu 0.45 0.45 0.45 0.45 0.45 0.45 0.45 0.45


Capital Cost, $/kW 105.44 82.73 71.78 64.91 60.03 56.32 53.36 50.93


Fixed O&M, $/yr 69,593.06                    109,203                       142,132.94              171,358.20            198,105.45            223,030.48               246,535.60                268,889.85               


Variable Cost, $/yr                    341,097.81                    617,061.77               878,513.39           1,131,917.58           1,379,938.58             1,624,001.09               1,864,979.01              2,103,456.82 


 EXAMPLE 2 
NOx Reduction Efficiency, % 90 90 90 90 90 90 90 90
Plant Capacity, kW 100,000 200,000 300,000 400,000 500,000 600,000 700,000 800,000
Boiler Heat Input, 106Btu/hr 1000 2000 3000 4000 5000 6000 7000 8000
Initial NOx, lb/106Btu 0.45 0.45 0.45 0.45 0.45 0.45 0.45 0.45


Capital Cost, $/kW 106.29 83.39 72.36 65.43 60.51 56.77 53.79 51.34


Fixed O&M, $/yr 70,152.19                    110,081                       143,274.87              172,734.94            199,697.08            224,822.37               248,516.33                271,050.18               


Variable Cost, $/yr                    351,464.30                    635,753.01               905,074.46           1,166,096.22           1,421,566.04             1,672,953.29               1,921,159.25              2,166,786.74 


 EXAMPLE 3 
NOx Reduction Efficiency, % 95 95 95 95 95 95 95 95
Plant Capacity, kW 100,000 200,000 300,000 400,000 500,000 600,000 700,000 800,000
Boiler Heat Input, 106Btu/hr 1000 2000 3000 4000 5000 6000 7000 8000
Initial NOx, lb/106Btu 0.45 0.45 0.45 0.45 0.45 0.45 0.45 0.45


Capital Cost, $/kW 107.10 84.03 72.91 65.93 60.97 57.20 54.20 51.73


Fixed O&M, $/yr 70,685.21                    110,917                       144,363.49              174,047.41            201,214.40            226,530.60               250,404.59                273,109.66               


Variable Cost, $/yr                    361,711.13                    654,256.49               931,391.16           1,199,980.24           1,462,852.91             1,721,522.04               1,976,915.63              2,229,654.37 


 EXAMPLE 4  
NOx Reduction Efficiency, % 85 85 85 85 85 85 85 85
Plant Capacity, kW 100,000 200,000 300,000 400,000 500,000 600,000 700,000 800,000
Boiler Heat Input, 106Btu/hr 1000 2000 3000 4000 5000 6000 7000 8000
Initial NOx, lb/106Btu 1.5 1.5 1.5 1.5 1.5 1.5 1.5 1.5


Capital Cost, $/kW 107.69 84.49 73.31 66.29 61.31 57.52 54.50 52.01


Fixed O&M, $/yr 71,074.90                    111,528                       145,159.38              175,006.94            202,323.71            227,779.48               251,785.09                274,615.33               


Variable Cost, $/yr                    577,118.23                 1,083,588.27            1,574,317.33           2,056,317.65           2,532,479.03             3,004,346.78               3,472,868.80              3,938,679.05 







16


Appendix


Determination of the Design Margin Accounting for Ammonia Slip


NOx (ppm) = NOx (lb NO2/106Btu)*1/46.01(lb-mole NO2/lb NO2)*9780 (106Btu/dscf)*
22.4 (normal L/g-mole flue gas)*530/430 (standard L/normal L)*
103 (cm3/L)*1/(12*2.54)3 (ft3/cm3)*
453.6 (g-mole flue gas/lb-mole flue gas)*(20.9-3)/(20.9)*106 (A1)


where 9780 (106Btu/dscf) is the F-factor for bituminous coal and the factor (20.9-3)/20.9
accounts for the fact that NOx (ppm) is generally measured at 3% oxygen (O2) in flue gas.


Simplifying Eqn. (A1),


NOx (ppm) = 786.88 NOx (lb NO2/106Btu) (A2)


As seen in Eqn. (1), 1 mole of NH3 is needed for each mole of NOx reduced. Consider an
NH3 slip of x (ppm). Then a mass balance of NH3 yields:


(NH3)i (ppm) = (NOx)r (ppm) + x (ppm) (A3)


where (NH3)i (ppm) relates to the amount of NH3 injected into flue gas to provide a NOx
reduction of (NOx)r (ppm) and resulting in a slip of x (ppm).


Rearranging Eqn. (A3),


(NH3)i (ppm)/(NOx)r (ppm) = 1 + x (ppm)/(NOx)r (ppm) (A4)


Substituing Eqn. (A2) in (A4),


(NH3)i (ppm)/(NOx)r (ppm) = 1 + x (ppm)/[786.88*(NOx)r (lb/106 Btu)] (A5)


(NOx)r (lb/106 Btu) = B (lb/106 Btu)*C/100 (A6)


where 


B = NOX (lb/106 Btu) at the inlet of SCR reactor 
C = NOX removal efficiency (percent)


Substituting Eqn. (A6) in (A5),
(NH3)i (ppm)/(NOx)r (ppm) = 1 + x (ppm)/[786.88*B (lb/106 Btu)*C/100] (A7)
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In general, B can range from 0.3 (lb/106Btu) for a coal-fired boiler equipped with state-of-
the-art combustion controls to 2.5 (lb/106Btu) for an uncontrolled cyclone-fired boiler.
Assume x = 2 ppm and C = 85 percent. Then using these values in Eqn. (A7),


1.001 < (NH3)i (ppm)/(NOx)r (ppm) < 1.009


Thus, on average, a design margin of 1.005 would account for NH3 slip.
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FINAL


RBLC ID:MT0027
Corporate/Company:ROCKY MOUNTAIN POWER, INC.


Facility Name:HARDIN GENERATOR PROJECT
Process:BOILER, PULVERIZED COALFIRED


Pollutant: Nitrogen Oxides (NOx) CAS Number: 10102


 
Pollutant Group(s): InOrganic Compounds, Oxides


of Nitrogen (NOx),
Particulate Matter (PM),
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P2/Addon Description: SELECTIVE CATALYTIC REDUCTION
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Percent Efficiency: 0
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  CasebyCase Basis: Other CasebyCase
  Other Applicable Requirements:
  Other Factors Influence Decision:
  Emission Limit 1: 0.0900 LB/MMBTU 30day rolling average
  Emission Limit 2: 0
  Standard Emission Limit: 0.0900 LB/MMBTU 30day rolling average
COST DATA:
  Cost Verified? No
  Dollar Year Used in Cost Estimates:
  Cost Effectiveness: 355 $/ton
  Incremental Cost Effectiveness: 0 $/ton


  Pollutant Notes:
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Table A3. Estimates of 1987 Recoverable Reserves by Coal Type 
Mining Method, and State (Continued) 
(Miiiion Short Tons) 
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Table A3. Estimates of 1987 Recoverable Reserves by Coal Type 
Mining Method, and State (Continued) 
(Million Short Tons) 
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Table A3. Estimates of 1987 Recoverable Reserves by Coat Type 
Mining Method, and State (Continued) 
(Million Short Tons) 
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Table A3. Eattmates of 1987 Recoverable Reserves by Coal Type 
Mining Method, and State (Continued) 
(Million Short Tons) 


Content Clbt tulfurlmlmon Btu) 


Btu Content 
(mllllon &tu/short ton .-----.......... ------,-------1·-----.. ---------------.----··--· 


llllnol1 


~20 ................................. c.o 56.0 4.9 0.0 0.0 $$.0 4.9 
23·2G.G~ , ••••••••• , .......... u ••• 14;?.0 3.321.9 732.fl 2.a1u 396.6 &,188.9 1,309.2 
!!0·22.M , ... ,. .. ,.,,. .. .,, ........ 70.1 1,139.0 1, 1c.o.2 18,112.0 2,5$3.4 21,060.4 3,772.3 
15·19.99 ., , ................ , ..... ~ .0 .0 .0 .0 .o .o .o 
< 16 ................. ,,. ............ .0 .0 .0 .0 .0 .0 .0 


TOTAi. ............................ 212.'I' 4.511.4 1.M3.a l?1,&e5.3 2,949.9 30,303.tJ 5,000.4 


lndl.tRI 


i!<?.ll 0.0 1'.0 0.0 0.0 o.o 0.0 o.o 
ZJ-25.98 .......................... 22.0 .521.8 1113.0 874.2 176.9 1,179.4 415.S 
20-.2.2.99 ············. ···~·····» ,. 10U !!14.!t .0 1.131J.7 19U 2,400.5 388.5 
15·1~.~~ .......................... .o .!I .6 .0 .0 .o'.) .0 


< 16 .............................. .0 .0 .0 .o .0 .o .0 


TOTAL ................. , ........... 131.T 1.13&.l.S 183.0 2.010.9 :m1.2 4.279.9 &02.1 


1owa ------
.i!i~8 ................................. 0.0 0.0 o.o o.o 0.0 o.o 0.0 
:!3-25.99 .......................... .0 .o .o .o .o .o .o 
ZO•Zll:.&9 .......................... .o 101.1 31IU 034.5 .o 935.7 312.0 
1a.1ua .......................... .0 .o .o .o .o .0 .o 
~: 1.5 ................. , .............. .(I .0 .o .0 .0 .() .o 
TO'(Al. ............................. .0 101.1 312.0 834.5 .o 935.T 312.0 


---
Kin ... 


.:; ~6 ...... , ......................... 0.0 0.0 0.0 o.o 4'$.9 o.o 4tU 
23·26.99 ......................... , .0 .0 188.8 .o 10..0 ,'} 272 .. 7 
ZO·ZZ.$9 , ............. , ........... .0 .o 52.0 .o ne.11 .o )48,(1 


15.19,99 .......................... .0 .0 .o .o .o .o .0 


< 15 ................................ .o .o .o .0 .o .o .0 


TOTA!. ............................. .0 .0 220.8 .o 447.15 .o aoe.3 


Ktntuoky, Ettt•m 


&20 ................................. &4.6 146.3 a:u 38.1 o.o Z,544.4 590.e 
23·~-99 .......................... 131.0 38.9 20.1 oe.1 21.0 1,300.0 490.0 
~·22.9& .......................... !30.3 .0 .o .0 .o 140,f 87.4 
1$·19.99 .......................... .0 .o .o .0 .o .o ,{) 


... : Hi ................................ .0 .o .o ,Q .o .0 .o 


TOTAL ............................. 274.f> 1134.1 154.0 tlU 29.0 "· ~·..;o,, 1, tl!S3.8 


---·-~--· -...... .. ' .•.. .., ...• - ... -·-·---·-----
See 1001001" 111 efl\1 QI ~-







!14 


Table A3. Estimates of 1987 Recoverable Reserves by Coal Type 
Mining Method, and State (Continued) 
(Mllllon Short Tona) 


Sulfur Content (11'11 111lf11r/mllllon Blu) 


Shi Cont•r1t I 
(mllllon Bt11/1hort to::1 :- ·· ··--· ·--------


O.U·0.00 .;;:; 0.40 c.n-0.D 
1 °""P Sur/ace 


---,--
Sun~ I °"911 Surface ···-'-i __ o_o_e_p_ 
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IS.19.Q~ .... ... " ..... , .. 
< 15 ................................ 


TOTAL ..................... 
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Table A3. Estimates of 1987 Recov9rable Reaervea by Coal Typo 
Mining Method, and State {Continued) 
(Million Short Ton~) 


Bl;. Cont.,N 
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INTEGRATED AIR POLLUTION CONTROL SYSTEM COSTING PROGRAM-------------


•UC STANTON UNIT 2 
989 EPRI ECONOMIC PREMISES ~UC E"Cl>IJ EllAL C,f /TFRIA 


USER INPUT SUMMARY 


BOILER SIZE: 440. MW WALL FIRED, DRY BOTTOM 
CAPACITY FACTOR:lOO.O % 310. DEG.F 
CONSTRUCTION STATUS OF CONTROL SYSTEM: NEW 


COAL CLEANING LEVEL: RUN-OF-MINE SORTED AND SCREENED. 
COAL CHARAcrERISTICS AT THIS CLEANING LEVEL: 


HHV (BTU/1):12400.0 
SULFUR CONTENT (%): 2.50 


ASH CONTENT (\):12.00 
COST ($/TON): .00 


CHLORINE CONTENT (%): .11 
MOtSTURE CONTENT(%): 7.50 


VOLATILE MATTER CONTENT (%) :13.50 
FIXED CARBON·CONTENT (\):67.00 


ASH CHARACTERrSTICS AT THIS CLEANING LEVEL: 


CONTROL SYSTEM CONFIGURATION: 


NA20 CONTENT(%): .60 
ALKALINITY (%): 6.50 


FE203 CONTENT (\):20.00 


1 - LOW NOX COMBUSTION 


ECONOMIC PREMISES (TVA/EPRI); EPRI 


(I ) 


"'7'-·· 







INTEGRATED AIR POLLUTION CONTROL SYSTEM COSTING PROGRAM 


-~-------------------------------------------~-----------


USER INPUT SUMMARY (CONTINUED) 


PARAMETER FILE USED: C:\TEMP\STANTON.EPR 


BATCH DATA PILE USED: C:\TEMP\STANTON.EPR 


THE FOLLOWING CHANGES WERE MADE TO THE PARAMETER FILB FOR THIS RUN; 


NEW VALUE DESCRIPTION 
·~-~~·--- ---------------------------~---------------------~~-··----------
62.00 Percent NOx Reduction, Determined by LNC Method if O. (LNB/OFA) 


(2) 







LOW.NOX BURNERS 
LOW-NOX, STAGED COMBUSTION BURNERS ARE PROVIDED FOR 
PULVERIZED-COAL, WALL-FIRED, DRY BOTTOM BOILERS. 
FOR EXISTING BOILERS, AI~L RETROFIT CONSIDERATIONS 
ARE ACCOUNTED FOR IN THE COST ESTIMATES. 







BOILER/SYSTEM PERFORMANCE 


UNIT THERMAL. EFFICIENCY.................. 87.5% 
BOILER NET HEAT RATE ••••..•.•....••.•••.• 9881.2 BTU/KWH 


HEAT INPUT. • . . . . • • . . • • • . • • • . • . • • • . • • • • • • • 4347. 7 MMBTU/H 
COAL USE. . . . . • • . . . • . • • . . . • . • • . . • . . . • • . . • • 175. 3 TONS/H 
ANNUAL COAL CONSUMPTION.~···•···••·••••••• l.5357E+06 TONS/YR 


IAPCS ENERGY PENALTY••••••••••••••••••••· .O BTU/KWH 
SYSTEM NET GENERATION. • . • • . . . . . . . . . . . • • .. • 440. 0 MW 


FLUE GAS, 1000 LB/H 
FLUE GAS, 1000 ACFM . • 


TEMPERATURE,DEG.F . . 
MOISTURE, LB/H : 


ALKALINITY, LB/H 
PARTICULATE, LB/Ji • • 


S02, L.B /H . • 
N02, LB/H • • 
C02, LB/H . . 


POLLUTANT 


SYSTEM MATERIAL BALANCE 
(100% CAPACITY CONDITION) 


AIR 
UNCONT- HEATER 
ROLLED EXIT 


5088. 5086. 
1566. 1566 • 


310. 310. 
228014. 228014. 


2325. 2325. 
35764 . 35764. 
17093. 17093 . 


3682. 1399 • 
653385. 653385 . 


EMISSION SUMMARY 


PERCENT 
LB/HR . REDUCTION 
----- ---------PARTICULATE 


S02 
35764. 
1709·3. 


.o 


.o 
N02 1399. 62.0 


LB/MMBTU 
--------


8.226 
3.931 


• 322 
C02 653385. .-o 150.282 


(4) 


PPM(V) 


1511 • 
264. 







I I L.. !..... : ~. L.. ""' j :1...1,.:; - - - ... 


INSTALLED CAPITAL COSTS JANUARY, 1997 


LOW NOX COMBUSTION------------------------$ 2761800 


' 
TOTAL DIRECT CAPITAL COSTS>>>>>>>>>>>>>>>>>>>>>$ 2761800 


INDIRECT COSTS--------------~-------------$ 


GENERAL FACILITIES ( 8.0%) •.• $ 
ENGINEERING ( 8. 0%) •• • ••.•..• $ 
PROJECT CONTINGENCY ( .0%) .. $ 
PROCESS CONTINGENCY (10.0%) .. $ 


220900 
220900 


0 
276200 


795600 


TOTAL PLANT COST (TPC) ••...••••• $ 
TOTAL PLANT INVESTMENT ( 3.0yr) .$ 


3479800 
3556100 > 2.l-% 


ROYALTY ALLOWANCE •.•••..•. $ 
PREPRODUCTION COSTS ..••..• $ 
INVENTORY CAPITAL ..•...•.. $ 
INITIAL CATALYST .••...•••. $ 
LAND • ...................... $ 


0 
77600 


0 
0 
0 


'IU1lclcfllllll11clc#c1c1c 


TOTAL CAPITAL REQUIREMENT>>>~>>>>>>>>>>>>>>>>*$ 3633700* 
ilt*l'Cill*:il!~iti1Ut1c1c1c 


TOTAL SYSTEM COST>>>>>>>>>>>>>>>>>>>>>>>>>>>>>$ 8.26/KW 


. ~ .. · 


(£:) 







ANNUAL OPERATING COSTS 


ITEM QUANTITY 


----------
PERATINQ. _ _AN_P,_ SUPERVISORY LABOR 


AlNTENANCE LABOR 
PERCENT OF TPC • 2.00 


AlNTF.NANCE MATERIAL 
DMIN. & SUPPORT LABOR 


ONSUMABLES 


.696E+05 


.696E+05 
• 278E+05 


$ 


$ 
s 


IXED COMPONENT .440E+06 KWY 


·OTAL FIRST YEAR O&M EXPENSE 
EVELIZED CARRYING CHARGES 3633700 


USBAR COST OF POWER 


EVEL!ZED FIRST YEAR O&:M 77900 
EVELIZED CARRYING CHARGES 3633700 


EVELTZF.D ANNUAL REQUIREMENTS 


'IRST YEAR BUSBAR COST OF POWER 
,EVELIZED ANNUAL BUSBAR COST OF POWER 


OST/TON OF PARTICULATE REMOVED 
COST/TON OF S02 REMOVED 
COST/TON OF NOX REMOVED 


$ 


$ 
$ 


(~) 


JANUARY, 1997 


RATE ANNUAL COST 


-------------- ------·-··---


.40 


.60 


.30 


.18 


7.90 


1.69 
7.90 


$/J<WY 


% 


' 


.oo 


.oo 
41.86 


$ 


s 
$ 


$ 


s 
'$ 


s 
s 
$ 


s 


27800 


41800 
8300 


77900 


77900 
287100 


365000 


131400 
287100 


418500 


.09 MILLS/l<Wff 


.11 MILLS/KWH 


$/TON 
$/TON 
$/TON 
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INTEGRATED AIR POLLUTION CONTROL SYSTEM COSTING PROGRAM-------------


•UC STANTON UNIT 2 $500 catalyst cost 
989 EPRI ECONOMIC PREMISES OUC ECON. EVAL. CRITERIA 


USER INPUT SUMMARY 


BOILER SIZE: 440. MW WALL FIRED. DRY BOTTOM 
CAPACITY FACTOR:lOO.O % 310. DEG.F 
CONSTRUCTION STATUS OF CONTROL SYSTEM: NEW 


COAL CLEANING LEVEL: RUN-OF-MINE SORTED ANO SCREENED 
COAL CHARACTERISTICS AT THIS CLEANING LEVEo: 


HHV (BTU/#):12400.0 
SULFUR CONTENT ( 1's ). : 3. 50 


ASH CONTENT (%):12.00 
COST ($/TON) : -. 00 


CHLORINE CONTENT (~): .11 
MOISTURE CONTENT (~): 7.50 


VOLATILE MATTER CONTENT (~):13.50 
FIXED CARSON CONTENT (%) :67.00 


ASH CHARACTERISTICS AT THIS CLEANING LEVEL: 


CONTROL SYSTEM CONFIGURATION: 
.;. .. 


NA20 CONTENT ('Is) : . • 60 
ALKALINITY ('~) : 6. 50 


FE203 CONTENT (%):20~00 


1 - LOW NOX COMBUSTION 


2 - SELECTIVE CATALYTIC REDUCTION 


ECONOMIC PREMISES (TVA/EPRI): EPRI 


,. 







INTEGRATED AIR POLLUTION CONTROL SYSTEM COSTING PROGRAM 


USER INPUT SUMMARY (CONTINUED) 


PARAMETER FILE USED: C:\TEMP\STANTON.EPR 


BATCH DATA FILE USED: C:\TEMP\STANTON.EPR 


THE FOLLOWING CHANGES WERE MADE TO THE PARAMETER FILE FOR THIS RUN: 


NEW VALUE DESCRIPTlON 
-------- ·--~----------------------------------------------·-------------
412.5 SCR Catalyst Unit Cost, $/ft3 ( / 'J'?2 $) 







LOW NOX BURNERS 


FANS 


LOW-NOX, STAGEO COMBUSTION BURNERS ARE PROVIDED FOR 
PULVERIZED-COAL, WALL-FIRED, DRY BOTTOM BOILERS. 
FOR EXISTING BOILERS, ALL RETROFIT CONSIDERATIONS 
ARE ACCOUNTED FOR IN THE COST ESTIMATES. 
THE SCR SYSTEM CONSISTS OF VERTICAL REACTOR 
VESSELS PLACED BETWEEN THE ECONOMIZER AND AIR HEATER 
OR DOWNSTREAM A THE PARTICULATE CONTROL. A SCR 
SYSTEM IS EQUIPPED WITH HOPPER BOTTOMS TO REMOVE ASH 
THA'I' SETTl1ES OtJT. AN ECONOMIZER BYPASS (COLD-SIDE) -
OR A FLUE GAS TO FLUE GAS HEAT EXCHANGER (HOT-SIDE) 
SUPPLIES HOT GAS TO THE REACTORS TO MAINTAIN 
SUFFICIENT TEMPERATURE FOR THE REACTION. 
AIR HEATER MODIFICATIONS TO MINIMIZE THE EFFECTS 
OF AMMONIA SALTS ON THE AIR HEATER ELEMENTS ARE 
PROVIDED. SOLID WASTE (SPENT CATALYST) IS DISPOSED 
OF IN A CONVENTIONAL MANNER SIMILAR TO OTHER COAL 
COMBUSTION PRODUCTS. THIS SCR SYSTEM IS DESIGNED 
FOR A NOX REMOVAL EfFICIENCY OF 47.00 ~AT A 
NHJ:NOx STOICHIOMETRIC RATIO OF .49 YIELDING 
A NH3 SLIP RATE OF 1.95 %. 


THE TOTAL SYSTEM PRESSURE DROP IS .5.0 IN. H20. 
THE SYSTEM REQUIRES 3 FAN(S) RATED AT 627. HP EACH. 


3 







.. 


BOILER/SYSTEM PERFORMANCE 


UNIT THERMAL EFFICIENCY.................. 87.5~ 
BOILER NET HEAT RATE .•••..•...•....•..•.• 9881.2 BTU/KWH 


HEAT INPUT................. . . • • • • • • . • • . • . 4347. 7 MMBTU/H 
COAL USE................................. 175.3 TONS/H 
ANNUAL COAL CONSUMPTION ••••..•••.•.••.••• 1.5357E+06 TONS/YR 


IAPCS ENERGY PENALTY.~•·••••••••·•••••••• 7.5 BTU/KWH 
SYSTEM NET GENERATION.................... 439.'1 MW 


SYSTEM MATERIAL BALANCE 
{100% CAPACITY CONDITION) 


AIR 
UNCONT...; HEATER 
ROLLED EXIT 


' ~---~------~----~---------------------------------------
FLUE GAS, 1000 LB/H : 5088. 


1566. 
310. 


228014. 
2325. 


35764. 
17093. 


3682. 


5086. 
1566. 


310. 
241651. 


2325. 
35802. 
17074. 


741. 


FLUE GAS. 1000 ACFM 
TEMPERATURE,DEG.F 


MOISTURE, LB/H 
ALKALINITY, LB/H 


PARTICULATE, LB/H 
S02, LB/H : 
N02, LB/H : 
C02, LB/H 


POLLUTANT 


PARTICULATE 
802 
N02 
C02 


653385. 653385. 


EMISSION SUMMARY 
---------------------------! 


PERCENT 
LB/HR REDUCTION LfUMMBTU 
----- --------- --------
35802. -.1 8.235 
17074. .1 3.927 


741. 79.9 .171 
653385. .o 150.282 


PPM{V) 


. 
1509. 
140. 







INSTALLED CAPITAL COSTS JANUARY. 1997 
--------~-------------------~----------~--


LOW NOX COMBUSTION------------------------$ 2761800 


SELECTIVE CATALYTIC REDUCTION-------------$ 20434000 


NH3 STORAGE & INJECTION---$ 1018000 


REACTOR-------------------$ 11191200 


FLUE GAS HANDLING---------$ 6647800 


AIR HEATER MOD/NEW--------$ 1577100 


FANS--------------------------------------$ 5551300 


TOTAL DIRECT CAPITAL COSTS>>>>>>>>>>>>>>>>>>>>>$ 28747100 


INDIRECT COSTS---------------~------------$ 19368700 


GENERAL FACILITIES ( 8.0%) .•. $ 
ENGINEERING ( 8. 0%) ••..••..•• $ 
PROJECT CONTINGENCY ( -.0%) •• $ 
PROCESS CONTINGENCY (10.0%) •. $ 


2299800 
2299800 


0 
2874700 


TOTAl:r PLANT COST (TPC) .•.•...••. $ 
TOTAL PLANT INVESTMENT ( 7.0yr).$ 


36221400 
38674300 


ROYALTY ALLOWANCE •..•••••. $ 
PREPRODUCTION COSTS .•...•. $ 
INVENTORY CAPITAL •.•••.••• $ 
INITIAL CATALYST •••.••••. ·• $ 
LAND • •••.•••••••.•. , ....... S 


102200 
987200 
'134000 


10643400 
27600 


************* 
TOTAL-CAPITAL REQUIREMENT>>>>>>>>>>>>>>>>>>>>*$ 50568700* 


!llllllllJll:tllllllltlJfllHl':tlll 


TOTAL SYSTEM COST>>>>>>>>>>>>»>>>>>,>>>>>>>>>>$ 114.93/KW 







ANNUAL OPERATING COSTS 


-ITEM QUANTITY 


----------
>PERATING AND SUPERVISORY LABOR 


;YSTEM 


~NALYSIS 
IAINTENANCE LABOR 


PERCENT OF TPC • 3.81 
1AIN'l1ENANCE MATERIAL 
~DMIN. & SUPPORT LABOR 


IOL!DS DISPOSAL, DRY 
~ATER 


JTEAM 
~LECTRICITY 
:ATALYST 


.370E+Q4 MANHR 


.219E+04 MANHR 


.138E+07 $ 


.138E+07 S 


.717E+06 $ 


.952E+02 TONS 


.360E+04 K GAL 


.708E+04 I< LB 


.847E+07 KWH 


.397E+04 FT3 
\MMONIA .. 111E+04 TONS 


"IXED COMPONENT 
fARIABLE COMPONENT 


rOTAL FIRST YEAR O&M EXPENSE 
~EVELIZED CAR~YINO CHARGES 


iusBAR COST OF POWER 


~EVELIZED FIRST YEAR O&M 
~EVELIZF.O CARRYING CHARGES 


JEVELIZED ANNUAL REQUIREMENTS 


.440E+06 KWY 


.385E+l0 KWH 


50568700 $ 


5133400 $ 
50568700 $ 


~IRST YEAR BUSBAR COST OF POWER 
~EVELIZEO ANNUAL BUSBAR COST OF POWER 


~OST/TON OF PARTICULATE RF.MOVF.O 
COST/TON OF S02 REMOVED 
COST/TON OF NOX REMOVED 


'1ANUARY, 1997 


RATE 


--------------


28.08 $/HR 


28.08 S/HR 
.40 


.60 


.30 


12 .. 96 $/TON 
.94 $/K GAL 


5.89 $/K LB 
61.76 mil/KWH 


647.88 $/FT3 
211.25 $/TON 


4.00 $/KWY 
.88 mil/KWH 


7.90 % 


1.69 
7.90' 


ANNUAL COST 


-------------


$ 


s 
$ 


$ 
$ 


s 
$ 
s 
$ 
$ 
$ 


s 
$ 


$ 
s· 
$ 


$ 
$ 


s 


104000 


61600 
551700 


827600 
215200 


1200 
3400 


41700 
522900 


2569400 
234700 


1760100 
3373300 


5133400 
3994900 


9128300 


8660000 
3994900 


12654900 


2.37 MILLS/KWH 
3.28 MILLS/KWH 


-75282.15 
155371.70 


982.71 


$/TON 
$/TON 
$/TON 







, IAPCS VERSION 4. 0 8/22/1991 9: 42: 4 


INTEGRATED AIR POLLUTION CONTROlJ SYSTEM COSTING PROGRAM-------------


UC.STANTON UNIT 2 $500 catalyst cost,100% CF, 70% SCR 
989 EPRI ECONOMIC PREMISES OUC ECON. EVAL. CRITERIA 


USER INPUT SUMMARY 


BOILER SIZE: 440. MW WALL FIRED, DRY BOTTOM 
CAPACITY FACTOR:lOO.O % 310. DEG.F 
CONSTRUCTION STATUS OF CONTROL SYSTEM: NEW 


COAL CLEANING LEVEL: RUN-OF-MINE SORTED AND SCREENED 
COAL CHARACTERISTICS AT THIS CLEANING LEVEL: 


HHV (BTU/#) :12400.0 
SULFUR CONTENT ('): 2.50 


ASH CONTENT (\):12.00 
COST ($/TON): .00 


CHLORINE CONTENT(%): .11 
MOISTURE CONTENT (%}: 7.50 


VOLATILE MATTER CONTENT (%):13.50 
FIXED CARBON CONTENT (%):67.00 


ASH CHARACTERISTICS AT THIS CLEANING LEVEL: 


CON'l'R.6L SYSTEM CONFIGURATION: 


NA20 CONTENT (%): .60 
ALKALINITY(\}: 6.50 


FE203 CONTENT (%):20.00 


1 LOW NOX COMBUSTION 


\ 


2 ~ SELECTIVE CATALYTIC REDUCTION 


ECONOMIC PREMISES (TVA/EPRI): EPRI 


If 







INTEGRATED AIR POLLUTION CONTROL SYSTEM COSTING PROGRAM 
---------------------~-·---------------------------------


USER INPUT SUMMARY (CONTINUED} 


PARAMETER FILE USED: C:\TEMP\STANTON.EPR 


BATCH DATA FllJE USED: C:\TEMP\STAN'l'ON.EPR 


THE FOLt.OWING CHANGES WERE MADE TO THE PARA.METER FILE FOR THIS RUN: 


NEW VALUE DESCRtPTION 
·-------- ---------------------------------------------~------------------
70.00 NOx Efficiency, ~ Cser) - calculated If Zero (SCR) 
412. 5 SCR Catalyst Unit Coat, $/ftJ ( f 9 i2 t) 


20 







LOW NOX BURNERS 


FANS 


LOW-NOX. STAGED COM0USTION BURNERS ARE PROVIDED FOR 
PULVERIZED-COAL, WALL-FIRED, DRY BOTTOM BOILERS. 
FOR EXISTING BOILERS, AI.T.i RETROFIT CONSIDERATIONS 
ARS ACCOUNTED FOR IN THE COST ESTIMATES. 
THE SCR SYSTEM CONSISTS OF VERTICAL REACTOR 
VESSELS PLACED BETWEEN THE ECONOMIZER AND AIR HEATER 
OR DOWNSTREAM A THE PARTICULATE CONTROL. A SCR 
SYSTEM IS EQUIPPED WITH HOPPER BOTTOMS TO REMOVE ASH 
THAT SETTLES OUT. AN ECONOMIZER BYPASS (COLD-SIDE) 
OR A FLUE GAS TO FLUE .GAS HEAT EXCHANGER (HOT-SIDE) 
SUPPLIES HOT GAS TO THE REACTORS TO MAINTAIN 
SUFFICIENT TEMPERATURE FOR THE REACTION. 
AIR HEATER MODIFICATIONS TO MINIMIZE THE EFFECTS 
OF AMMONIA SALTS ON THE AIR HEATER ELEMENTS ARE 
PROVIDED. SOLID WASTE (SPENT CATALYST) IS DISPOSED 
OF IN A CONVENTIONAl1 MANNER SIMILAR TO OTHER COAL 
COMBUSTION PRODUCTS. THIS SCR SYSTEM IS DESIGNED 
FOR A NOX REMOVAL EFFICIENCY OF 70.00 ' AT A 
NH3:NOx STOICHIOMF.TRlC RATIO OF .72 YIELDING 
A NH3 SLIP RATE OF 1.95 %. 


THE TOTAL SYSTEM PRESSURE DROP IS 5.0 IN. H20. 
THE SYSTEM REQUIRES 3 FAN(S) RATED AT 627. HP EACH. 







'-·.:;; --


BOILER/SYSTEM PERFORMANCE 


UNIT THERMAL EFFICIENCY.................. 87.5\ 
BOILER NET HEAT RATE ..••.••..••..••...••• 9881.2 BTU/KWH 


HEAT INPUT .••..•..•.•.•..•..• ._. . . • . . • • . . . 4347. 7 MMBTU/H 
COAL USE ..•.••..••••••••.•• • . • • • • • • • • • • • • 17 5. 3 TONS/H 
ANNUAL COAL CONSUMPTION .••...•.•.•.•...•. 1.5357E+06 TONS/YR 


IAPCS ENERGY PENALTY..................... 7.5 BTU/KWH 
SYSTEM NET GENERATION.................... 439.7 MW 


FLUE GAS, 1000 LB/H 
FLUE GAS, 1000 ACFM . . 


TEMPERATURE,DEG.F 
MOISTURE, L8/H . • 


ALKALINITY, LB/H 
PARTICULATJ;j, LB/H • • 


802, LB/H 
N02, LB/H • . 
C02, LB/H 


POLLUTANT 


SYSTEM MATERIAL BALANCE 
'(100% CAPACITY CONDITION) 


. AIR 
UNCONT- HEATER 
ROI.LED SXIT 


5088. 5086. 
1566. 1566. 


310. 310. 
2~8014. 239510. 


2325. 2325. 
35764. 35820. 
17093. 17066. 


3682 . 420. 
653385. 653385. 


EMISSION SUMMARY 


PE~CENT 
LB/HR REDUCTION _., ____ 


---------
PARTICULATE 


S02 
35820. 
17066. 


-.2 
.2 


N02 420. 88.6 


LB/MMBTU 
--------


8.239 
3.925 


• 097 
co:a 653385. .o 150.282 


PPM(V) ------
1508. 


79 • 







riC:..C:..KL J n Li.. ~:i ,;:_ ...;._ ' -' ..!. ... ~ • .;_ '--' l f ,_1 • "-' '~·· .1. , • ~- -~· 
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BEST AVAILABLE COPY 


INSTALL~D CAPITAL COSTS JANUARY, 1997 
------ -----------------------------------


LOW NOX COMBUSTION-------------------·----$ 2761800 


SELECTIVE CATALYTIC REDUCTION-- ----------$ 20717800 


NHJ STORAGE & INJECTION---$ 1301800 


REACTOR-~-----------------$ 11191200 


FLUE GAS HANDLING---------$ 6647800 


AIR HEATER MOO/NEW--------$ 1577100 


FANS-----------·-------------------------~$ 5551300 


TOTAi~ DIRECT CAPITAL COSTS>>>.>>»>>>>>>>>>>>>>>$ 29030900 


INDIRECT COSTS---------------~------------$ 19485200 


GENERAL FACILITIES ( 8.0%) ..• $ 
ENGINEERING ( 8.0%) ....•..••. $ 
PROJECT CONTINGENCY ( .0\) •. $ 
PROCESS CONTINGENCY (10.0%) •• $ 


2322500 
2322500 


0 
29.03100 


~ .. -
TOTAL PLANT COST (TPC) •••••••• .,.S 
TOTAL PLANT INVESTMENT ( 7.0yr).$ 


ROYALTY ALLOWANCE .•••.•••• $ 
· PREPRODUCTION COSTS •• • •••• $ 


INVENTORY CAPITAL ••.•....• $ 
INITIAL CATALYST ....•••..• $ 
LAND • ••••••••••••••••••••• S 


36579000 
39056100 


103600 
1006900 


155600 
10643400 


27600 


lcillcit;lcic1c1cilil1c'll#c 


TOTAL CAPITAL REQUIREMENT>>>>>>>>>>>>>>>>>>>>*$ 50993200* 
*lr1'1*Jll'ill#clclcleil"k#c 


TOTAL SYSTEM COST>>>>>>>>>>>>>>>>>>>>>>>>>>)>>$ 115.89/KW 







ANNUAL OPERATING COSTS 


ITEM QUANTITY 
••1111111•• .. ----------
IPERATING AND SUPERVISORY LABOR 


:YSTEM 


lNALYS!S 
~!NTENANCE LABOR 


PERCENT OF TPC • 3.81 
IAINTENANCE MATERIAL 
lDMIN. & SUPPORT LABOR 


:oNSUMAB IiP.S 


IOLIDS DISPOS~L, DRY 
JATER 
ITEAM 
~LECTR IC ITY 
:ATAT.1YST 
LMMONIA 


?IXED COMPONENT 
rAR!ABLE COMPONENT 


~OTAL FIRST YEAR O&M EXPENSE 
JEVELIZ8D CARRYING CHARGES 


\USBAR COST OF POWER 


,EVELIZED FIRST YEAR O&M 
JEVELIZED CARRYING CHARGES 


~EVELIZED ANNUAL REQUIREMENTS 


.370E+04 MANHR 


.219E+O~ MANHR 


.139E+07 $ 


.139E+07 $ 


.723E+06 $ 


.952E+02 TONS 


.360E+04 K GAL 


.104E+05 K LB 


.847E+07 KWH 


.397E+04 FT3 


.163B+04 TONS 


.440E+06 KWY 
,385E+10 KWH 


50993200 $ 


5279000 $ 
50993200 $ 


~IRST YEAR BUSBAR COST OF POWER 
JEVELIZED ANNUAL BUSBAR COST OF POWER 


:OST/TON OF PARTICULATE REMOVED 
COST/TON OF 802 REMOVED 
COST/TON OF NOX REMOVED 


JANUARY, 1997 


RATE ANNUAL COST. 


·--·---------- -------··-··· 


28.08 $/HR 


28.08 $/HR 
.40 


.60 


.30 


1?..96 $/TON 
.94 $/K GAL 


5.89 $/K LB 
61.76 mil/KWH 


647.88 $/FT3 
211.25 $/TON 


$ 


s 
$ 


$ 
$ 


$ 
$ 
$ 
$ 
$ 
$ 


4.04 $/KWY $ 
.91,mil/kWH $ 


$ 
7.90 ' $ 


1.69 
7.90 \ 


$ 


$ 
$ 


$ 


104000 


61600 
557 400 


836100' 
216900 


1200 
3400 


61300 
522900 


2569400 
344800 


1776000 
3503000 


5279000 
4028500 


9307500 


8905700 
4028500 


12934200 


2.41 MILLS/KWH 
3.36 MILLS/KWH 


-52363.48 
108065.40 


905.32 


$/TON 
S/TON 
$/TON 







UNITED STATES ENVIRONMENTAL PROTECTION AGENCY 


REGION IV 


345 COURTLAND STREET. N.E. 


4APT-AEB 


Ms. Penny Ensley 
Orlando City Hall 
400 South Orange Avenue 
Orlando, FL 32801 


Dear Ms. Ensley: 


ATLANTA. GEORGIA 30365 


AUG 2 3-~1991 


This letter is to confirm our plans for conducting a public hearing 
concerning a proposed modification of a Prevention of Significant 
Deterioration (PSD) permit for the Orlando Utilities Commission 
(OUC). During a telephone discussion with Mr. Scott Davis of my 
staff, the following dates and times were reserved by the U.S. 
Environmental Protection Agency, Region IV, for the hearing: 


LOCATION: Orlando City Council Chambers 


October 29, 1991 
October 30, 1991 


6 : 0 0 - 1.1 : 0 0 PM 
9:00 AM - NOON 


A public notice concerning the proposed permit modification will be 
published in the Orlando Sentinel on September 1s,· including these 
dates and times. In the :event a public hearing is not requested, we 


. will notify you by telephone and in writing to cancel our 
reservation. We would appreciate a written reply from your office 
acknowledging receipt of this ·letter. 


' 


Thank you for your assistance in this matter. If you have any 
questions, please contact Scott Davis at (404) 347-5014. 


. ~r-


. Harper, · Ch· ef 
rcement Branch 


Air, P sticides, and Toxics 
Management Division 


cc: . Clair Fancy, Florida DER~ ~-. R f C. f f V E D 
fOo.-r-1'\ A""""'t.W~ , 'ir· 3-'<"" I ... "f-
i?N."> "0"' \..,.,""':" 
e,...,._\c.. Ovc:\..._ 


Mo..., L.i"~ 
AUS 2 8 1991 
Division ,of Air 


Resources Management 


I . 


Printed on Recycled Paper 







UNITED STATES ENVIRONMENTAL PROTECTION AGENCY 


REGION IV 


345 COURTLAND STREET. N.E. 


ATLANTA. GEORGIA 30365 


AUC 2 2 1991 


4APT-AEB 


Mr. Charles Collins 
Florida Department of Environmental Regulation 
Central Florida District Office 
3319 Maguire Boulevard 
Suite 232 
Orlando, FL 32803-3767 


Dear Mr. Collins: 


RECEIVED 
AUG 2 6 1991 


Division of Air 
Resources Management 


This letter is to confirm our plans for sending your off ice materials 
relevant to an upcoming public notice and comment period with respect 
to a Prevention of Significant Deterioration (PSD) permit 
modification for the Orlando Utilities Commission (OUC). 


During a telephone discussion with Mr. Scott Davis of my staff, you 
indicated it would be workable for us to send to your office a copy 
of the administrative record of the modification request to be 
available for review by the public for the 30 day public comment 
period (September 15 through October 15). The administrative record 
will include the PSD permit, the Best Available Control Technology 
(BACT) preliminary determination and all materials submitted by OUC. 
We will indicate in the public notice that record reviewing can be 
conducted during normal operating hours (8:00 AM to 5:00 PM) and that 
copies can be made only by appointment at your offices, as requested 
by you. The public notice will be published in the Orlando Sentinel 
on September 15; we will send all the pertinent OUC material prior to 
that date. 


Thank you for assisting us in this matter. If you have any 
questions, please contact Scott Davis at (404) 347-5014. 


rper, Chief 
f orcement Branch 
esticides, and Toxics 
ement Division 


cc: Clair Fancy; FL DER 
~°""'"1 A"..\,._,_,.,, 
\?.-.t .,~ ....... \...-e,_,!~ 


~1.<.dc .. C:>-:1""'-) 'i"·")..'<f .q1 MY.. 


.,..,.._ ... ,.,, 1..; "'"' ) 


Printed on Recycled Paper 







4APT-AEB 


UNITED STATES ENVIRONMENTAL PROTECTION AGENCY 


REGION IV 


345 COURTLAND STREET. N.E . 
. ATLANTA. GEORGIA 30365 


AUG 16 1991 
Mr. Clair H. Fancy, P.E., Chief 
Bureau of Air Regulation 
Florida Department of Environmental 


Regulation 
Twin Towers Office Building 
2600 Blair Stone Road 
Tallahassee, Florida 32399-2400 


RE: Orlando Utilities Commission, Stanton Energy Center (PSD-FL-084) 


Dear Mr. Fancy: 


As you know, EPA is in the process of prepar{ng a preliminary 
determination and draft permit modification for the previously issued 
Prevention of Significant Deterioration (PSD) permit for the Stanton 
Energy Center of the Orlando Utilities Commission. The purpose of 
the modification is to ex~end the commence construction date for Unit 
#2, which.was previously permitted as part of a phased construction 
permit (PSD-FL-084). The original permit was issued by EPA on June 
10, 1982. At the request of OUC, the federally issued permit is 
being modified rather than allowing the permit to expire and 
permitting Unit #2 under the Florida PSD regulations. It is 
therefore necessary for EPA to process the modification under federal 
regulations. 


We are aware that Florida is reviewing the modification under the 
Florida Site Certification Act as a separate action. As stated in 
our letter to Jim Crall of OUC on January 28, 1991, we view the 
federal PSD process to be separate from. the Site Certification 
process. It is our understanding, however, that FDER wishes .to 
include EPA's preliminary determination as part of the Site 
Certification Hearing Report. To that end we are presenting you with 
a tentative schedule for issuing a prelimary dete~ination. 


August 23, 1991 - Internal Draft of Preliminary Determination 


August 26, 1991 - Briefing of EPA senior management 


September 15, 1991 - Publishing of Public Notice 


October 29-30, 1991 - Public Hearing, if requested 


Printed on Recycled Paper 
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As discussed between you and Mr. Brian Beals of my staff on August 
16, 1991, we will provide. a copy of our preliminary determination for 
internal review only by FDER prior to the public notice date. If you 
have any further questions or suggestions on this issue, please do 
not hesitate to contact Mr. Brian Beals of my staff at (404) 
347-5014. 


A. Harper, 
r f orcement Br nc 


Air, Pesticides, and·Toxics 
Management Division 


r 







UNITED STATES ENVIRONMENTAL PROTECTION AGENCY 


REGION IV 


345 COURTLAND STREET.NE. 


ATLANTA. GEORGIA 30365 


4APT-:AEB AUG 16 1991 
Mr. Clair H. Fancy, P.E., Chief 
Bureau of Air Regulation 
Florida Department of Environmental 
Regulation 


Twin Towers Off ice Building 
2600 Blair Stone Road 
Tallahassee, Florida 32399-2400 


RE: Orlando Utilities Commission, Stanton Energy Center (PSD-FL-084) 


Dear Mr·. Fancy: 


As you know, EPA is in the process of preparing a preliminary 
determination and draft permit modification for the previously issued 
Prevention of Significant Deterioration (PSD) permit for the Stanton 
Energy Center of the Orlando Utilities Commission. The purpose of 
the modification is to extend the commence construction date for Unit 
#2, which was previously permitted as part of a phased const.ruction 
permit (PSD-FL-084). The original permit was issued by EPA on June 
10, 1982. At the request of OUC, the federally issued permit is 
being modified rather than allowing the permit to expire and 
permitting Unit #2 under the Florida PSD regulations. It is 
therefore necessary for EPA to process the modification under federal 
regulations. 


We are aware that Florida is reviewing the modification under the 
Florida Site Certification Act as a separate action. As stated in 
our letter to Jim Crall of OUC on January 28, 1991, we view the 
federal PSD process to be separate from the Site Certification 
process: It is our understanding, however, that FDER wishes to 
include EPA's preliminary determination as part of the Site 
Certification Bearing Report. To that end we are presenting you with 
a tentative schedule for issuing a prelimary determination. 


August 23, 1991 - Internal Draft of Preliminary Determination 


August 26, 1991 - Briefing of EPA senior management 


September 15, 1991 - Publishing of Public Notice 


October 29-30, 1991 - Public Hearing, if requested 


Printed on Recycled Paper 
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As discussed between you and Mr. Brian Beals of my staff on August 
16, 1991, we will provide a copy of our preliminary determination for 
internal review only by FDER prior to the public notice date. If you 
have any further questions or suggestions on this issue, please do 
not hesitate to contact Mr. Brian Beals of my staff at (404) 
347-5014. 


A. Harper, 
r forcement.Br nc 


Air, esticides, and 
Management Division 







'ORLANDO UTILITIES COMMISSION 
500 SOUTH ORANGE AVENUE P. 0. BOX 3193 • ORLANDO, FLORIDA 32802 . • 407/423-9100 


JERRY CHICONE, JR. 
President 


ROYCE B. WALDEN 
Rrst Vice President 


RICHARD L FLETCHER, JR. 
Second Vice President 


JAMES H. PUGH, JR. 
Past President 


BILL FREDERICK 
Mayor 


T.C.POPE 
Executive Vice President 


& General Manager · 


THOMAS B. TART 
General Counsel 


August 14, 1991 


Carol M. Browner, Secretary 
Department of Environmental Regulation 
Twin Towers Building 
2600 Blair Stone Road 
Tallahassee, FL 32399-24-00 


RECEIVED 
AUG 1 6 1991 


Dear Secretary Browner: Division of Air . 
Resources M 


RE: Orlando Utilities Commission anagement 
supplemental Site Certification Application 


for Stanton Energy Center, Unit 2 
DOAH Case No. 91-1813 EPP 


(SSCA) 


The Orlando Utilities Commission (OUC) and 13 other 
municipalities throughout the state are joint applicants 
for approval of the Curtis H. · Stanton Energy Center, 
Unit 2, SSCA filed simultaneously with the Florida 
Department of Environmental Regulation and the Florida 
Public Service commission on March 15, 1991. ouc,.. et 
al. , are the first Florida applicants to utilize 'the 
supplemental site certification process· authorized under 
Florida Statutes Section 403.517. , 


The final certification hearing for Stanton Unit 2 is 
scheduled to begin on September 23, 1991. Richard 
Donelan of the DER legal staff advised Larry Keesey of 
the law firm representing ouc, Young, van As.senderp, 
Varnadoe & Benton, on August 13, 1991, that DER would 
request that the final hearing be rescheduled. OUC must 
oppose any such action by DER, for reasons that we would 
like to discuss in detail at a meeting with you. A 
preliminary statement of these reasons is provided below 
for your·consideration. 


The supplemental application process provides an 
expedited review for certifying additional electrical 
generating units on sites such as the Stanton Energy 
Center which were previously certif.ied for a subsequent 
facility. Stanton Unit 1, a 440 megawatt coal-fired 
electrical generating plant, was certified by the 
Governor and Cabinet in 1982 to be located on a . 3, 280 
acre site 14 miles east-southeast of Orlando with an 
ultimate generating capacity of approximately 2,000 
megawatts. Stanton Unit 2 will be the second coal-fired 
unit located on the site, and except for the addition of 


Administration Fax: (407) 236-9616 
OQ 
~v@ Purchasing Fax: (407) 423-9199 
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more stringent environmental controls, it will replicate 
Unit 1, which has been in operation since 1987. Unit 1 
has had an outstanding environmental record and is 
internationally recognized as one of the best-run coal 
plants in the country .. 


Section 403.517(1) {a)6., Florida statutes, requires that 
a supplemental application be processed in time for 
final disposition by the siting Board within 215 days of 
filing. cue did not oppose the DER's initial schedule 
filed with the Hearing Officer which has already 
extended this statutory time period by approximately two 
months. The Hearing Officer, therefore, scheduled a 
final hearing to commence on September 23, 1991, which 
means the Siting Board will not hear this matter until 
December 1991. 


' As the first applicants to u~ilize a supplemental site 
certification application, we have attempted to make 
this process work. CUC provided all information 
requested to every agency involved in this matter. All 
agencies, except DER, filed their reports on August 6, 
1:991. DER's report is ~at due until August 23, 1991. 
Up to this point, we believe we have had the cooperation 
of all agencies, including DER, in-trying to implement 
this process for the first time in the manner and spirlt 
prescribed by the Legislature. 


In addition to providing the DER and other agencies with 
all requested information, cue recently spent $13,000 to 
advertise the final certification hearing in the Orlando 
Sentinel and two other newspapers. No agency report or 
staff person, including DER 1 s, have told us that our 
application is not sufficient. Therefore, we were very 
surprised and disturbed to hear from Richard Donelan'on 
August 13, 1991, only 40 days before the hearing, that 
the Department of Environmental Regulation plans to 
formally request the Hearing Officer '"to continue the 
hearing to some unspecified date in the future. 


During the phone conversation with Mr. Donelan, he 
stated that he has been instructed to seek a continuance 
of the hearing for several reasons. In all candor, the 
reasons do not justify.this extreme action. Mr. Donelan 
indicated that a continuance was needed because DER 
staff have not made an assessment of the Best Available 
Control Technology (BACT} that should be applied to 
limit air emissions resulting from the operation of 
Stanton Unit 2~ Mr. Donelan stated that the EPA 
Regional IV Office in Atlanta had been "chosen" by CUC 
to issue a PSD Permit for Unit 2, rather than DER. He 
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said that since the EPA' s BACT ·decision would not be 
available until August 3 o, 1991, which is seven days 
after the DER final report is due to be issued on August 
23, 1991, it would not be appropriate to proceed with 
the September 23, 1991, hearing date. Mr. Donelan did 
not state in any context that DER found our application 
to be insufficient, or required any more information to 
review. 


OUC is opposed to the DER' s requested rescheduling of 
the September 23, 1991, certification hearing date. ouc 
urges that before DER files such an extension request, 
OUC be given the opportunity 'to meet with you to explain 
its position~ OUC does not understand why your agency 
appears to have adopted this course. We do not believe 
valid reasons for a continuation exist, either for any 
deficiency of the application or for any public policy 
reason, if there is an honest and unbiased consideration 
of our position. 


We hope that you will immediately schedule a meeting at 
which we can explain why a continuance is not in the 
interest of either OUC or the people of the State of 
Florida. If you are traveling, we would be happy to go 
to any location where you happen to be to meet with you 
for an hour, over breakfast, 1 unch, dinner, or at a'hy 
time you are willing to. grant us the opportunity to 
discuss this issue. We simply request the opportunity 
of explaining to you our position and learning directly 
from you why DER apparently feels this action is 
necessary. We need to know that you fully understand 
and have a sound basis for an action that may have 
devastating con'sequences to OUC and the municipalities 
that have filed this suppl,emental site certification. 
In summary, some of the points we would like to make· at 
our meeting involve the following aspects of our 
application: 


1. The original Curtis H. Stanton Energy 'center 
project consisted of Units 1 and 2,. for which OUC 
obtained a phased prevention of significant 
deterioration (PSD) construction permit from EPA. The 
EPA's PSD permit for the project was structured to allow 
two units, with phased construction over an estimated 10 
years. The PSD permit requires ouc to request EPA' s 
reevaluation of BACT· for any phased unit at least 18 
months prior to commencement of construction. 
Therefore, the Atlanta Region IV will issue the BACT 
determination for Unit 2 as a result of the phased 
construction permit issued for Units 1 and 2 in 1982. 
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2. By letter to OUC's Jim Crall dated January 28, 
1991, from Jewell Harper, Chief of the Air Enforcement 
Branch, the Region IV EPA office stated that the BACT 
determination and . extension of the construct-ion permit 
by the EPA is a separate and distinct process from 
Florida's supplemental site certification application 
process that OUC is also presently involved in. A copy 
of the letter was · sent to Mr. C. H. Fancy, Chief of 
DER's Bureau of Air Regulation. Because this process is 
separate and legally distinct from the EPA review, there 
is no requirement for DER to await the decision of EPA 
before proceeding ·with the site certification hearing. 


3. According to Mr. Donelan, the Atlanta EPA 
off iqe has advised DER that the BACT determination will 
be available on August 30, 1991. Although this is seven 
days after the DER "final" report is due, it is in. 
plenty of time for the report to be amended, if 
necessary, so the hearing officer is advised of the 
EPA's current position at the DOAH hearing commencing on 
September 23, 1991, in Orlando. 


4. OUC anticipated the BACT issue and met with DER 
staff to discuss how the process would. work. We 
discussed with your staff how these potential problems 
could be met so that Florida Is DOAH hearing process 
could continue. We held meetings with Buck Oven and 
Barry Andrews in Tallahassee and Barry Andrews attended 
our last meeting in Atlanta with EPA. This matter was 
anticipated, addressed, and we thought resolved in good 
faith several weeks ago in that meeting. 


5. Public Service Commissioner Michael Wilson, in 
his Recommended Order dated July 2 6 , 19 91 , found that 
there was a need for the Stanton Energy Center, Unit' 2. 
In a very strongly worded or.der, Commissioner Wilson 
found that the 440 megawatts (net) generating capacity 
of Unit 2 is needed, not only by Orlando Utilities 
Commission, but also by the municipalities that are 
joint applicants in this project, and by the State. 
Commissioner Wilson found that the proposed power plant 
will contribute to the State's electric system 
r~liability and integrity. He also found that Stanton 2 
will provide for fuel diversity for each of the 
utilities involved, further contributing to the electric 
system reliability and integrity. He also found that 
Stanton 2 is the most cost-effective alternative 
available to meet the Petitioners' 1997 need for firm 
capacity and energy. Commissioner Wilson concluded by 
stating that the record shows that Petitioners' need is 
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part of a larger statewide and peninsular Florida need 
for power in 1997. 


6. Commissioner Wilson's Recommended Order found 
that delay would be expensive and threaten the 
reliability of the applicants• system for providing 
safe, economical electricity to their customers. 
Commissioner Wilson, at Finding of Fact #15, stated: 
"There will be ·adverse consequences to OUC, FMPA and KUA 
and their customers if Stanton 2 is not completed in the 
approximate time frame requested. Each utility will 
fall below its reliability criteria unless Stanton 2 is 
completed by 1997. In addition, due to Stanton 2 being 
a replication of Stanton 1, the $23 million in savings 
associated with Stanton 2 would be jeopardized, and the 
benefit of lower cost capacity and an opportunity for 
each system to diversify its fuel mix would be delayed. 
In this regard, it was established that for ouc alone, a 
one year delay in Stanton 2 would represent an 
additional cost of about $9 million on a cumulative 
present worth basis." 


7. OUC has provided all relevant information 
requested by all agencies in a timely, responsive 
manner. No agency personnel, including DER's 
representatives that we have been dealing with, have 
stated that the information provided to date is 
insufficient for an evaluation. ouc has made every 
effort to maintain the September 23 hearing date, and 
that date has been noticed in the Orlando Sentinel and 
other papers (See copy attached). 


In conclusion, we believe that we deserve further 
explanation and justification of DER's appar~nt 
position. This needs to be given to ouc and the 
municipalities involved in this important public project 
before the DER instructs its attorney to request a 
continuance of the September 23 hearing date. We are 
ready and willing to meet with you at any time and place 
throughout the state of Florida, or any available site 
of your choosing, where we can discuss this matter with 
you. 


s)J::• E.~ 
Thomas Brogden Tart 
General CounseL 


cc: Mayor Bill Frederick 
Richard Donelan, Esq. 
C. H. Fancy, DER, Air 


Barry Andrews, DER,· .Air 
Larry Keesey, Esq. 
Jon c. Moyle, Esq. 







BEST AVAILABLE COPY 


UNITED STATES ENVIRONMENTAL PROTECTION AGENCY 


REGION 1.V 


345 COURTLAND STREET. N.E. 
ATLANTA. GEORGIA 30365 


4APT-AEB 


Mr. James s. Crall, Director 
Envirorunental Division 
Orlando Utilities Commission 
500 South Orange Avenuer 
P.O. Box 3193 
Orlando, Florida 32802 


JAN 2 8 19~1 
JAJ~ l 


OU{.;-....... 


RE: Orlando Utilities Comm·ission, Stanton Energy Center (PSD-FL-084) 


Dear Mr.' Crall: 


In a meeting on December 21, 1990, between you and your 
representatives, FDER, and representatives of EPA Region IV, you 
raised several questions concerning the procedures necessary to 
modify the existing Prevention: of Significant Deterioration (PSD) 
permit for the Stanton Energy Center. The purpose of the 
modification will be to change the start construction dates for 
Unit 2 as part of a phased construction permit. As committed to you 
by my staff at the meeting, we are .providing you with answers to your 
procedural questions as follows: 


1. What level of air quality analysis will be required for the~ 
modification? 


Based upon the air quality analysis previously completed for Unit~/ 
and discussions between Mr. Lew Nagler of EPA with Mr. Max Linn of · 
FDER, it was agreed that there would not be a need to repeat the air 
quality analysis in full provided that the stack parameters remain 
unchanged from the 1 previous application. The modeling that needs to 
be done should be based on the new emission rate for Unit 2 using the 
critical meteorological periods identified from the earlier re(ined 
impact analysis. 


2. What level of preconstruction monitoring will be required? 


Our PSD monitoring rules allow for the use of monitoring data 
collected within the past three years. It is our feeling that the 
data for 1986-87 would satisfy this requirement. In addition, we 
believe that the regional ozone monitors would satisfy the 
preconstruction monitoring requirements for voe emissions. 
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3. Are the EPA issued PSD permits processed separately from the 
Florida Site Certification Process? (i.e., can a PSD permit be 
issued by EPA independent of what stage the Florida Site 
Certification process is in?) 


EPA views the PSD process to be totally separate from the State's 
Site Certification Process; therefore, after analysis and 
recommendation by FDER, EPA will issue a preliminary determination 
and give the opportunity for public comment. After such time, a 
final determination and PSD permit will be issued. 


Mr. Crall, thank you for contacting EPA early in the process so that 
any outstanding issues may be resolved prior to any critical 
junctures. We look forward to your continued cooperation throughout 
the permitting process. Should you have any additional questions 
concerning the modelling or monitoring issues, please contact Mr. Lew 
Nagler of my staff at (404) 347-2904. Any other questions may be 
directed to Mr. Gregg Worley of my staff, also at (404) 347-2904. 


cc: Mr. C.H. Fancy, P.E., Chief 
Bureau of Air Regulation 
Florida Department of Environmental 


Regulation 
Twin Towers Office Building 
2600 Blair Stone Road 
Tallahassee, Florida 32399-2400 


Mr. Steven M. Day 
Black & Veatch 
1500 Meadow Lake Parkway 
Kansas City, Missouri &4114 







• The Orlando Sentinel, Tuesday,. August 6, 1991 


Notice of Certificatio11 
Hearing 


On A Supplemental Appllcatlon 
To Construct And Operate 


The Second Electrlcal Generating 
Unit On An Existing Power 


Plant Sile Located 
Near Orlando, Florida. 


Stanton Energy Center Unit 2 
Hearing To Begin At 10:00 a.m. On 


September 23, 1991 Al Orlando City 
Hall. Publlc Testimony And 
Comments Wiii Be Heard 
Beginning At 6:00 p.m. 


September 24, 1991. 
I. On March 15. 1991. Orlando Ulililiet 


Commiulon. Florida Municipal Power Agency and · 
Kissimmee Utility Authority filed a :supplemental 
'l'!>licalion (DER Application No. PA gJ.14B) for 
authorization to construc1 and operate lhc second 
elecaical gencraling unil lo be located on an c:r.isting 
site ea.st of Orlando, Florida. This proposed unit is 
wwn u lhc Cunis II. S1an1on Enctgy Cen1tr. Unit 
2. Orlando Utilities Commission's application is 
now pending bef~ \he Florida ~!. !'L..:_ 
EnvirQnmenW Regulation and ocher agencies, 
pursuant to \he: Aorida Electrical Power Plant Siting 
Ac~ Outpter 403, Part II. Flonda SUltul<S (1990), 


2. The si1e of lhe proposed Sianion Unit 2 and 
its associated facilities is a 3,280 ~ pan:cl of land 
located in lhe unirx:orponued area of Orange County. 
This site is the location of the existing Curtis H. 
Stanwn Energy Center. Unit I. a 440 rncgawan coal 
fired powe.t plant tha! ~ been in operation since 
1987. The 3.280 ocrc slte w11.5 1.:ertificd by the 
Florida Siting Boord in 1982 for appro1im:uely 
2,())) mcpwan.s. of generating capacity. The 
propoSod Swuon Unh 2 will occupy appmximaie:ty 
9 acru of the previously certified 3.280 acre site and 
it will be located adjacem w the cAis1ing Stnnton 1 
facility. The si1e is located apprO,.ima1cly 9 m.iles 
e.as1-nonheast of the Orlando lntt:r.utional Airport. 6 
miles nonh of Lal<c Maty Jane, appnuimo1cly I mile 
norlh of lhc Beeline Expressway. The geogr.iphk 
coordinues of the center of the she are 28° 29~ North 


· latitude and 81° 10' WeSI longitude. The loca1ion of 
. the lite is depicted on the map accompanying this 


notice. 


3. S1.an1on Unit '2 wiU be a 465 mcgawan gr6Ss. 
440 megawan net. pulverized coal fuckd 


: m.am/elecuic unit, which will essentially replicate 
'lhc: existing Stanton I. New Stanton Uni1 2 ficilities 
: wiU lndude suffur dio,.ide removal equipment. 
·electrostatic pittipiunor. chirrmey, cooling. tower, 


and an expansion of the cooling tower blowdown 
truunen1 syStcm presently serving Unit l. Other 
facmrics previously conJtruc1ed for Stanton Unit I 
wiJfalso be used for Stanton Unit 2, These include 
on·sltt ponds and basins; ma1crials handling and 


s1oragc sysrcms for coal. oil. limesconc, lime and 
combustion wastes; adminisU"8.tion building; 
warehousing: and other conunon suppon facilities. 
Of the additional water needed for operation of 
Sianion Unit 2. appro<ima1ely 9S'h will be provided 
by eftluent rtom lhc Orange Cowuy Easl<dy 
Subregional Wastewater Treatment Plant. &nd the 
remaining .511> Wm be obtained by inert:aSing 
wilhdrl'W"als from uisting on-site wells presently 
serving Sumton l. 


.C. ln ·order to inicgratt lhc: power from the 
StanlOn Unit 2 into the Orbndo Utilities Commission 
transmission system. a new 230 kV transmission Une 
will be n:qulrcd which will be located within lhe 
previomly _ ccnified railroad corridor. The 
Swrton·Mod Lake 230 kV t:tansmission line will 
originate at the existing Stanton Energy Center 230 
kV Substation and Will interconnect into the existing 
OUC transmission line 7-061S near Mud Lal:c. The 
new Stanton~Ml.ld Lake transmission line will be 
approximately 14 miles in length and wiU be 
consuuctc:d wilhin · the C),iS1ing and previously 
certified Orlando U1ill1ies Commission Coal Haul 
Railroad/Utility Comdor from lhe S1an1on Energy ., 
Center to its in1cn:onnec1ion wi1h the exisiing 


U'a0$m.iuion line 7~0615. This corridor was catificd 
as part of lhc 1981-1982 1i1e ccnification proccc:ding ·: 
for lhc SWllOn Energy Ccn1er. 


S. The Florida Dcpanmcnl of Enviroruncnlal 
Rcguiation. the Florida Public Scrricc Commiuion 
and other sc.ate, regional, and local agencies arc 
evaluating the Supplemental Site Cenification , 


· Applicalion for lhc Stanton Uni1 2 and pn:paring · 
reports on the project The application for 
cenific:ition is available: for public inspection a1 the 
following places during their usuaJ business hours; · 


ST A 'fE OF FLORIDA 
DEPARTMENT OF ENViRONM.ENT AL 
REGULATION 


. Office of Siting Coordination 
Twin TowcD Office Building 
2600 Blair>1one Road 
Tallahasscc, Florida 32399· 2400 
(~)488-1344 


ORLANDO UTIUTIES COMMISSION 
500 South Orange Avenue 
Orlando. Florida 32801 
(407) 423-9100 


ORANGE COUNn' PUBLIC LIBRARY 
Planning and Loc:a1 Qovcnunent Dcpamnenl 
IOI Easl Cenrnl Boulevard 
Orlando. Aorida 32801 


The business addrt•sos of lhe applicanis for the 
project ..., as follows: · · 


ORLANDO UTiuTIES COMMISSION 
500South °""1sc A""""" · 
Orlando, Florida 32801 


fLORJDA MUNICIPAL POWER AOENcy 
720! Lal:e Ellcnor on•• .. ~ .. ·'· .... " . 
Orlando. Florida 32809 


KISSIMMEE UTil.lTY AlfffiORllY. .. 
"·· .. I · • V 8Broadway • 


Kissimmee:, Aorida 34141 


n· 


6.. Pursuan1 10 Scc1ion 403.5084 Florida Statutes, 
a ccnification bearing will be ~ by a 
Hearing Officer 11ppoimcd by the Florida Di vision of 
Administrative Hearings, ar Orlando Ci1y Hall, 400 · 
Soulh~ Orange A venue in Orlando, Florida. beginning " 
on September 23. 1991. al moo o.m. The bearing 


Jo~· !IO,,_ o.s1-.lir
ClG'fllSS•o 


will COO!iDllO fiom day·IO-dey until comple!M. The 
Jlearlng Offia:. *ill n:ccive comments And 
ICS!imony from lhc panic>. lhc publk. and lhe 
affected agencies Sa the ocniftcadon hearing. The 
Healing Offtccr will We wrinen or oral lCSlimony 
on lhe effects of lhc proposed el<clricaJ power plant 
and on any other matter appropriate for consideration 
by lhe Siling Board. The need for lhc profl!lSCd 
facility bas been previously addruscd by lhc Florida 
Pbblic Service COmrnisslon in a sepanitc hearing. 


1. Jf any party intends to use wtincn direc1 
1cs1imony at the cen.ification hearing, lhc written 
u:stimony must be filed by Scp1<mber 13, 1991. wilh 
deliver)' IO all panics no laler than noon on 
Sep1embcr 14. 1991. · 


8. Tho5c wishing 10 intervene in these 
proceedings. w\leu "!IP'"'ri•g on lhcir o,.,. bcllal(, 
must be rrprcsent.cd by an· anomcy or other person 
who can be dctemiincd &o be qualified to appca!'. in 
administrative procccdings pursuant lo Cbaptet 120, 
Florida SU1tu1es. or °"'J*r 17·!03020. Florida 
Administr:&dve Code. Persons· wishing 10 become a 
party IO lhis p.-ng mu<I file wilh lhe Heoring 
Officer eilhc:r a Notice of Jntc:nl 10 beco1nc a patty or 
a Petition to Intervene in these proceedings at k:ast 
thiny (30) days prior Kt the ccnification hearing. as· 
provided in Section 40J.S08(4). Florida SUllllle5. 


9. Any person. organization or other cnti1y 
intending to participate as a party in this proceeding 


, t1"m 'me their Petition· to lnictvenc: or Notice of 
. lnicnt 10 be a Pany on or before AuguSI 23, 1991. 
No adclition>l party will be lllllhorizcd ID participo<c 
in lhcS< proceeding• if such party hos noi filed hs 
Petition or Notice as Ocsaibed above by thai date 
~lh the Hearing Officef I! the following address: 


Diane l'" f<iesling. Heoring Officer 
Division of Admlniitrative ~np 
1bC: Oe$olo Building 
1230 Apaladlcc Pmway 
TaJIAha&scc. Florida 32399-!SSO 


All subminals should refer 10 OOAH Case No. 
91-1813 EPP. Copies of sUc:h submillals ohould be 
lorwatded by U.S. Mail 10 oll of Ill< other patties w 
lhis proceeding, including the Department of 
Environmental Regulation and the Orlando U1ili1ics · 
Commlssion. For a list of parties and funhc:r 
infonna1ion concerning the power' plant siting 
process. contact Mr. Hamihon S. Oven. Jr., at the 


OSC CIL• co 


Florida Department of Envbonmental Regulation. 
2600 Blaitsrooc .Road, Twin Towen Office 
Building. Tallahassee. Florida 32399-2400 or call 
(904) 481Hl44. 


JO. Certification of this second electrical.
gcncru.ing Unit wouk1 allow eonsnc;don and 
operation of ·!' new M>UtC:t of air pollution. The 
Florida ~ of Envitonmi:nlal Regulation's 
review will ~include an usesament of the best 
available cOOUol technology (BACT) ne<:essary IO 


control lhc emission of air pollullln!S fiom !his 
IOW't:C. on.;;.s., litiliti .. Commission bas proposed 
to include low NOA bwncni, a cold-side elcaroslatic 
pn:cipiU11or. 'ro11owed by a flue gas saubbcr, and 
then dispcnioft by chimney as equipment lO achieve 
BACT for S ... ton.Unil 2 • 


JJ. S~ Unit 2 received a prevention of 
significant dcwioradon (PSD) permit. &om U.S. 
EPA in 1982 .. pan of a plwcd consttuctlon projecl. 
Orlando Utilities Commission is curttntly seeking an 
8ll'JCndm¢m to this pennil sepa.nucly from this 
certification process. 


U. Pcraons wishing to comment publicly on 
issues related lo the construction and operation of lhc: 
S&anton Un.it 2 plant may do so at the cenific.ation 
hearing or by submitting wrincn com.menu to the 
Hearing Officer and DER u specified above. Al the 


conunenccmenr of the Certification Hearing on 
September 23, 1991. lhc Hearing Oflicct will 
annou= Iha! member> of lhc public may _.., 
and give commenLS and ratimony rtgarding the 
conscruction or operation of Stanton Unit 2 
beginning al 6:00 p.m. on September 24, 1991. a1 lhc 
Ciry Commission Chambers i• Ill< Orlando· Ciry 
Hall. . 


1-LORIOA MUNfCIPAL 
POWE$!: AGENCY 
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ORLANDO UTILITIES COMMISSION 
500 SOUTH ORANGE AVENUE 


August 15, 1991 


Mr. Greqq M. Worley 
Air, Pesticides and Toxics 
Management Division 
u. s. Environmental Protection 
Agency, Region IV 
345 Courtland Street, N. E. 
Atlanta, GA 30365 


Re: Orlando Utilities commission SEC Unit 2 
BACT (PSD-FL-084) 


Dear Mr. Worley: 


Per cur conversation of August 14 1 


additional infor~ation you advised 
analysis. 


i99·1, r am subnitting tl'1e 
would be helpful in your 


Your comments and OUC's responses include: 


l. 


-,: 


Telephone Comment: 


Page 3, paragraph 3 of OUC's responsa of August 2 1 1991 did 
not contain all the datails of vendor quotes as previously 
requested. 


Response: 


Unit No.2 is a duplication of Unit No.l and, therefore, B&W 
was contacted for the quote. The quote is attached 
(Attachment I) along with a more recent telephone memorandum 
(Attachment II) discussing the so2 to so3 conversion rate 
and catalyst type. It is my understanding that the 5 ppm 
ammonia slip is a guarantee and represents the maximum 
degradation before changeout of the catalyst begins . 


• 
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Mr. Gregg Worley 
Pii.tge 2 
Auqu:..::t 15, 1991 


2. Ielephone Comment; 


The Takehara Power Station has been operating with SCR while 
firing 2.5% sulfur coal since 1981. 


Respon§~ 


According to Joy Technologies (Attachment III), Takehara was 
specified with 15 different fuels of which all were low 
sulfur except for one which was 2. 5 percent sulfur. This 
2.5 percent sulfur coal was fired for a several month trial 
burn and has not been fuel of choice for a ten year period. 


is my further understanding that by 1985 Takehara' s old 
generation catalyst . was replaced wl th the high reactivity 
type which is similar to B&W's (Attachment I). 


3. Telephone CQmment: 


You requested additional details regarding fly ash sold at 
Stanton Unit No.1. 


Response: 


In 1991 (through July), we sold 62.87 percent of the fly ash 
generated and used 37.13 percent in fixation of the scrubber 
sludge. Conversion Systems, Inc., who operates this 
process, also _manages our ash sales. 


As· we discussed, i£ you can expedite the preliminary 
determination and draft permit .so that DER has it available on or 
before August 23, both OUC and OER will appreciate your efforts. 


Thank you. 


JSC:rc 
Attachment 


cc: W. H. Herrington 
T. B. Tart 
S. M. Day (B&V) 
c. M. Fancy (FDER) 


Very A~~ 


J. d/0
crall, Director 


Environmental Division 
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Babcock & Wilcox 
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a McDcrmou compa:iy 
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l~U1)C1 'w\')'.i.···,~PQ Srre~l 


l\iins.u City. MC u-l.14~ 
!&1&) 941·2073 


A'rl'ACHMENT I 


Blcick & Veatch 
P o Box 8405 
K~nsas city, MO 64114 


Attention: Mr. Horqan Fagan 


Gentlemen: 


July 26, 1991 


RE: Orlando Utilities 
Co1UJ11isslon 
Stanton Energy Center 
B&V Ref: 16805 
B&W Ret; RB-621 
SS:B Budget Price 


Xn confirmation or our telephon~ converGation this ~o~ninq, we 
are pleased tu relteratQ that for an approxlnate price for a SCR 
to 1.nStl\ll behind thls cefl:inrnced unit, quar~riteeing ti "le PPM 
ammonium slip.would be: 


Fift~en Million Nln6 Hundred Thousand 
Dollars; .••••.........•••••••.•.. $15,900,000 


The· erection price to go with that mci. t~rial price i~ $2, ooo, ooo. 


As we.discu~sed, this is based upon the boiler modifications 
included to install this $CR between the economi~e~ outlet and 
the air heater inle~. This would put it in ~ tii9h dust 
application~ Yor your information and une, ~pproxi~~tely 
$2,00b,OOO of ~he ma~crial price and $300,000 of· the erection 
prica is to make ~odlfications to t:.he boiler· to han~le this 
installation·, such as the ductAJork to and from the SCR as well ~a 
a larger H!rheater to protect from ammonia $Ulf~te. 


In order to guarantee an awnonia slip to t.wo PPM 1 the material 
pric~ wuuld 1ncrea5e to ~pproximately: 


Two Million Three Hundred ThoueClnd. 
Dollars, ••••••••.••••••••••••••• $ 2,JOO,OOO 


and the erection price by ~0~9hly $300,000, 







F!l!\Ck & vaatch 
Mr. Mor9a11 Faqan 
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July :.lr">, .i.991. 
f'llqtl 2 


The scope of supply that we have use~ for th~se f iqures are sho•-n 
on Attachment l. We have also enclosed a Gketch showing the 
sizing ot tnis SCR. Once we receive a quality $ketch, we will 
submit it to you, Th.e al mens ions are not ea.uy to :r:ead sin ea this 
W~$ sent to ua by tnarmofax. 


This SCR aesiqn is based on the followin9 conditions: 


rlue Gas Fluw (Econ outlot) 
Gas 'l'el!lp•:;-ature 
SCR inlet NOX 
SCR eff icicn~y 
Ammonia alip 


4 1 465,600 lb/hr 
700° F 
0. 32 lb/Tl'ltnhtll 
sot 
5 ppm 


For the 'ppm slip on the base unit at the end of a two year 
guarantee period, the SCR $ystem was sized as follows! 


Catalyst. volume 
CAtalfRt preeeur~ drop 
Anhydrous Ammonia coi'lsumption -


"8 8111' 
2. 5 in H20 
425 lb/hr 


A9 we dlecussed, we recommena the high dust application over the 
low dust application due to the additional capital ~nd operating 
expenses associated with the low dust application such as: 


l. Cas~gas heat exchanger required 
2. Duct burner to reheat fluo qao 
3. Difficult co~ponent configuration 
4. Adaitional rluo and d~cts 
5. Fuel requiromQnts for duct burner 
6. Added sy~tem pressure drop 
7. Increased system complexity 


If you have any additional questions or co~ments, we will ba 
happy to discuss them with ~ou at·your convenienee. 


Very truly yours, 


JAS:jf 
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SELECTJYE CATALYTIC RERUCTIQH SX~T~M ~~CRIPTIOli 


S~OPE OF S_llEPLX 


one (l) SCR syetem including the following! 


~ One (l) vertical SCR reactor chambe~ inclucting tra~sitions, 
integral support 3teel and t~~t ecnhections. 


* Plate-type catolyBt with Qample e~talys~. 


~ Reactor access panel ror catalyst installation and re~oval. 


* Amr.Ionia injection grid. 


~- A~mcn1a dilution and mixing system, in~ludin? piping, 
valves, ~nd instruments. 


4 Engineering. 


~ runmoni~ Gtorage end vaporization. 


~ Fl~e modifications. 


• Air heuter ~odifications. 


• t;;c:-ection. 


~s TO Be SUPftI~D BX Ql'HERS 


* Instrument air. 


* Ga~eous ammonia. 


• Steam. 


* foundations, anchQr bolt~, conc~~te work and groutlng. 


• Hookup Of air, steam and elaotrio_power. 


* Interconnecting piping from ammonia stora9e to the BllUlloni~ 
dilution and mixing skid. 


* Structural 1teel, platfonns, etairs. 


* continuous emiss~ons monitor!n~ system •. 
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Arr ACHMEJTI' n 


BLACK L VF.Af 01 


TELf PHONf H~MORAHOUM 


0~1ando Utf 11ttes C°""1liss1oo 
Sta.nton Ener"gy Center, Un1t Z 
Steam GenerGtor - SCR 


To: 
Company: 
Phon~ Ho.: 


Recorded by: 


John CI 1fton 
Babcock & Wilcox 
216-860-1989 


D. D. Sc::hul tz 


B&V ProJect 16805 
S&V f1le 6Z.l401.Cl 


Aug1Jst 14, 1991 
2: 30 p.111. 


Babco~k & W11coA (e&w) reported that the tonvers1on of S0
2 


to So
3 


in tne 
SCR ranged from .S percent to .6 percent. 


8&W was not sure what a 11 New'' vs 110ld 11 cata1.,st referred tQ. lhe 
catalyst included In B&W's quote 1s a type x. Th1s catalyst fs not new 
for th1s type of application. 


lU 


cc: J. Crall (OUC) 
S. M. Oay 
J. R. CochrM 
H. £. Smlth 
E. C. W1ndhch 
A. w. Ferguson 
Project File 
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AT'l'ACHMF.NT TU 


IHACK & VfAlCH 


TELEPHON( MEMORA~OUM 


ouc 
SEC Z 
NO Cc\talyst 
Ta~ehara (Japan) 


To: 
Company: 
Phone No,~ 


Recorded by: 


Sharon Ki1born w Market1ng 
Joy T!ehnologtes 
818-301-1171 


A. W. Ferguson 


Od,tte lourhal5en - FGD 810-301-1125 
Alan Kissam - No. 818-301-1166 
Ted Barrons - Now expert (out of ofFtce) 


, . 


B~V Project 16805.030 


August 14, 1991 
4:30 p.m. 


FACSIM[LE TRAHSMISSIOH 


Takehara was sp~c1f1ed w1th 15 different fuels, all but the Z.5% S were 
low sulfur. They burn•d z.s~ sulfur coal as a trial b~rn (a few 
month'i) !.H.1t not necess~rily o.11 th'l t1m@. R!~t of the t~me have been 
using low S coal. (Conf1dent1al infom~tfon provided. to B&V ~hows 
h1stor1ca1 fue1 1s about 1.5% S ot less.) The paper by E. s. Behrens 
shows 1nlet so2 leve1s or 1100 ppm so~ wr.1c11 1s appropr1ate for 1.0% to 
1.5% SlJlfur coal despfte tr.at Takehara Unit 1 was designed for·Z.~i S 
coa1. 


High reactlv1tJ catalyst was 1nstalled 1n 1983 - 1985 t1me per1od. 
Pr1or to installing tn1s catalyst, the or1g1na1 was tubular catalyst. 
Joy's contract replaeed the tabular cataivst and tnstalled n1gh 
react1v~ty bed which 1s st111 oper~t1ng. This new cataly~l was 
1nstalled pr1or to the test burn on the 2.5% su1fur coal. This is a 
second generation of catalyst, similar to new offer1ng for SCR applfed 
to new un1ts. 


! 


dm 


cc: Don Schultz 
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RECEIVED 


ORLANDO UTILITIES COMMISSION tdlG ? :.; 1991 
500 SOUTH ORANGE AVENUE P. 0. BOX 3193 ORLANDO, FLORIDA 32802 Di• . 40l/423-9100 


vision of Air 
Resources Management 


August 15, 1991 


Mr. Gregg M. Worley 
Air, Pesticides and Toxics 
Management Division 
u. s. Environmental Protection 
Agency, Region IV 
345 Courtland Street, N. E.· 
Atlanta,· GA 30365 


Re: Orlando Utilities Commission SEC Unit 2 
BACT (PSD-FL-084) 


Dear Mr. Worley: 


Per our conversation of August 14, 
additional information you advised 
analysis. 


1991, 
would 


Your comments and OUC's responses include: 


1. Telephone Comment: 


I am submitting the 
be helpful in your 


Page 3, paragraph 3 of,OUC's response of August 2, 1991 did 
not contain all the details of vendor quotes as previously 
requested. 


Response: 


Unit No.2.is a duplication of Unit No.land, therefore, B&W 
was contacted for the quote. The quote is attached 
(Attachment I) along with a more recent telephone memorandum 
(Attachment II) discussing the so2 to so 3 conversion rate 
and catalyst type. It is my understanding that the 5 ppm 
ammonia slip is a guarantee and represents the maximum 
degradation before changeout of the catalyst begins. 


Administration Fax: (407) 236-9616 • Purchasing Fax: (407) 423-9199 







Mr. Gregg Worley 
Page 2 
August 15, 1991 


2. Telephone Comment: 


The Takehara Power Station ,has been ot;er~.ting with SCR while 
firing 2.5% sulfur coal ~irlce .. 1~81. _ ,_ 


I 


Response 


According to Joy Technologies (Attachment III), Takehara was 
specified with 15 different fuels of which all were low 
sulfur except for one which was 2. 5 percent sulfur. This 
2.5 percent sulfur coal was fired for a several month trial 
burn and has not been fuel of choice for a ten year period. 


It is my further understanding that by 1985 Takehara's old 
generation catalyst was replaced with the high reactivity 
type which is similar to B&W's (Attachment I). 


3. Telephone Comment: 


You requested additional details regarding fly ash sold at 
Stanton Unit No.1. 


·Response: 


In 1991 (through July), we sold 62.87 percent of the fly ash 
generated and used 37.13 percent in fixation of the scrubber 
sludge. Conversion Systems, Inc., who operates this 
process, also manages our ash sales. 


As we discussed, if you can expedite the preliminary 
determination and draft permit so that DER has it available on or 
before August 23, both OUC and DER will appreciate your efforts. 


Thank you. 


JSC:rc· 
Attachment 


cc: w. H. Herrington 
T. B. Tart 
S. M. Day (B&V) 
C. M. Fancy (FDER) 


Very AK~ 


J. ~/0crall, Director 
Environmental Division 
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ORLAr'\JDO UTILITIES COMMISSION 
500 SOUTH ORANGE AVENUE 


August 2, 1991 


P. 0. BOX 3193 • ORLANDO, FLORIDA 32802 • 407/423-9100 


Ms. Jewell A. Harper 
Chief, Air Enforcement Branch 
u. s. Environmental Protection 


Region IV 
345 Courtland Street, N.E. 
Atlanta, GA 30365 


Dear Ms. Harper: 


Ag.ency 


RE:. Orlando Utilit~es Commission 
SEC Unit 2 


Permit Modification (PSD-FL-084) 


Enclosed are ouc' s responses to the 
raised regarding our submittal, as 
letter of July 2, 1991. 


questions your. staff 
transmitted in your 


,. 
The staff and management of OUC appreciate the frank and 
efficient. working relationship ·that our staffs "have 
developed during this project. 


Please have Gregg Worley give Jim Crall a call at (407) 
423-9141 if it would be helpful to have an additional 
meeting prior to your preparation of the preliminary 
determination and draft permit. 


Very truly yours, 


~~ ;;;4vP' 
Thqmas Brogden Tart 
General Counsel 


_-cc: Gregg Worley, EPA 
Nancy,Pommelleo, Esq., EPA· 
Hamilton S. Oven, FDER 
~l~ir·M. Fancy, FDER 
·,.--


I 
5 1991 


R Division 
esources ot Air 


· Mana 
15ernent 


Administration Fax: (407) 236-9616 • Purchasing Fax: (407) 423-9199 _ 
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AUG 2 91 
COMMENT: 


(Reference_EPA Region IV staff July 2, 1991 letter to Mr. James P. Crall of 
the Orlando Utilities Commission.) 


"The S02 emission limit which you have proposed is 0.32 lb/MMBTU on a 
thirty-day rolling ~verage, based on a design coal with a maximum sultur 
content of 2.5% and a control system removal efficiency of 92%. ~he 


presentation made by your consul~ant gave the basis of this estimate as a 
statistical analysis utilizing a computer model which estimated that the 
reduction level that could be achieved ~ith 99% confidence limit over a 
thirty-day rolling average would.be 92%~ The ass~mptions made for this 


. model include the use of 95% as the "target" removal efficency since this 
is the highest guaranteed by any vendor. What is tne basis for the vendor 
guarantee of 95%? It would seem that the 95% ~emoval number, if it was 
guaranteed by the vendor, is the result of experience and analysis rather 
than a "target" number which is the starting point of _the analysis." 


RESPONSE: 


(Refer~nce July 12, 1991 memorandum from M. F. McClernon to E. C~ ~indisch, 
B&V File 16~05.32.0402.) 


The information concerning performance_ tests and guarantees .included here 
is based on the "offer to ABB" and is not finalized in a conformed document 
at this time. It does, however, rep~esent the current state of negotiated C 


. agreement. 


"Target", as referred to in the BACT analysis, implies condition's achieved 
:when parameters that might.be responsible for variation in S02 removal rate 
·are held in strict design tolerance levels, Le "on target." These · , 
parameters include slurry pH, L/G ratio, limestone ~rind and quality, coal 
quality, gas flow magnitude and "distribution, scrubber slurry liquid phase 
alkalinity, spray distribution, module pressure drop, mist eliminator 
cleanliness, and makeup water quality. When these coriditi6ns meet target, 
II : 1 ff" • II 1 target remova e 1c1ency resu ts. 


EPA has requested information on how "target removal", as described above 
and used in ~he computer simu~ation model, relates to the "manufacturer's 
guarantee." (The manufacturer's guarantee of 95 per cent removal. 
~fficiency has been used as ·target removal in the computer modeling.) EPA 
has ~lso raised questions of whether a 95 per cent removal efficiency 
"guarantee" might rot actually represent a "confidence limit", based on 
manufacturer experi~nce and analysis, that assures consistent succ~ss in 


·achieving 95 per cent removal, and indicates a target substantially higher 
than 95 per cent. 


To answer these questi6ns, it is informative to examine conditions that 
constitute "meeting guarantee." 


The guarantee test times are basically.at the discretion of the 
manufacture~. He is allowed to pre-test, inspect, ~nd adjust the system 
until he is sitisfied with i~·~-performan~e. ~his ensures that all 
performance parameters are "on target" before the test· begins. Limestone 
grind .is tested for fineness; limestone is quality tested for minimum 90 







RESPONSE (continued) page 2 


per cent calcium carbonate content and available alkalinity of 1.0; 
"design" coal, blended to specified quality levels, is brought in 
specifically for the test; scrubber slurry pH is carefully controlled to a 
specified level optimum for the design coal(s); load (and consequently gas 
flow, temperature, and S02 content) is held constant for the duration of 
the test; gas flow· is checked both by experimental measurement and 
stoichometric flow calculation, and averaged for ac~uracy; the number of 
spray pumps operating is held constant; spray nozzles are clean and in 
unworn condition for uniform spray distribution; mist eliminator blades 
are in clean condition; ductwork and damper settings are clean and tuned 
for uniform gas flow distribution; makeup water is monitored for quality; 
and bufferirig of scrubber liquor is allowed (and monitored) through 
addition of adipic acid at ma~imum addi~ive.rate. 


Under these controlled conditions, S02 removal rate is monitored for a 
p~riod of four (4) hours. ·Three such tests are performed and averaged at 
each load condition. Since the three tests· are not necessarily 
consecutive, the manufacturer can adjust the system for each sample to 
assure "target" conditions. I~, an average removal efficiency of 95 per 
·cent is ~chieved, the performance guarantee is met. 


The test, as described above, bas.ically is one tha.t "guarantees" a "'target" 
removal efficiency of 95 per cent. That is, when chemistry and pro~ess 
condition 11 targets 11 are achieved, 95 per cent average removal efficiency lS 


·"guaranteed" to result: This is·the exact form of the simulation model, " 
-and the correct fbrmat for representation of the guarantee. 


Se~eral·questions may be raised concerning the form of guarantee as 
described above •. First, is a .four-hour test a fair test ·of the ·system's. 
performance? Deviation away from 95 per cent can only be caused by 
deviation away from "target" conditions. Although it is acknowledged that 
this variation is a "normal" part of day-to-day operation, the magnitude 
and rate of these variations are not completely within the control of the 
manuf~cturer. For his own ~rotection, the manufacturer will only guarantee 
performance under controlled. conditions. Test result variation i-s 
therefore only a function of measuremen~ error ptopagation and minor 
fluctuations in "target" conditions, and is relatively small. The system 
either meets, or does n~t meet guarantee, an~ fo~r hour tests are ~ 
sufficient and a~propriate time fram~ to establish this condition. 


Seco~d, what lev~l of expected performance is necessary for a manufacturer 
to prudently (or "confidently'') guarantee 95 per cent removal efficiency? 
(This question is actually irrelevant to the engineer or owner -at time of 
design, since the answer not guaranteed. It is interesting, however, to 
analyze the situation.) 


From the manufacturer~s point of view, a guarantee is .not an absolute 
assurance that promised performance will be met. It is a single component 
of an overall risk evaluation. He must evaluate the benefits of success 
(his profit) against the consequences of failure (liquidat~d damages.) No 
real. project presents a zero probability of ~ither of the~e st•tes.- The 
most instructive example of this may be that the OUC Stanton Unit 1 
scrubber, using similar (two hour) tests in a similar environment, did not' 
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meet guarantee requirement of 90 p~r cent removal at high sulfur design 
coal conditioris. 


At 95 per cent removal efficiency, the chemistry of the system has 
essentially been pushed to the limit, and remaining gains in efficiency are 
basically a fairly unpredictable function of uniformity in spray, inter
module and intra-module flow distribution, and fortuitous combinations of 
off-design conditions. A manufacturer with a true 95 per cent expected 
removal efficiency (50 per cent confidence) can expect a statistical 
distribution of random four-hour removal efficiencies -cnaracterized as· 
fo~lows for normal, non-outage hours: 


4""'.'Hour Removal Per Cent Cumulative 
Efficiency of Time % of Time 
-------------- -------- ----------


88 0.0000. 0.0000 
89 0.0002 0.0002 
90 0.0006 0.0007 
91 0.0039 0.0046 
92 0.0376 0.0422 
93 ·0.2127 0.2549 
94 0.4164 0.6713 
95 0.2700 0.9412 
96 0.0552 0.9964 
97 0.0035 0.9999 


/,! 


98 0.0001 1. 0000 
\ 


(These figures are based on OUC Stanton Unit 2 scrubber model predictions 
using 100 per cent availability And a target/guarantee removal efficiency 
performance level of 95 per cent.) 


During normal, ~non-outage hours of operation, the scrubber is removing 95 
·pei cent or more of the S02 about 33 per cent of the time. Because of ~he 
high levels of autocorrelation in·4~hour performance levels, prediction of 
near term operation levels can be made with high levels of confidence. 
That is, if it observed that the scrubber is operating at 95 per cent on a 
given day (indicating target conditions), it is probable that those levels 
will be sustained for several days. The probability of a ~crubber with 95 
per cent target removal (zero design margin) passing the 95 per cent 
guarantee performance test is very high. Further, if the manufacturer 
shouici ... not pass the test, he. simply "adjusts'" the system, and calls for a 
new test. ~- -~ 


The "following summary points may be ·made. The scrubber performance test is 
a series of three short-term (4 hour) _tests~ This test is appropriate anq 
sufficient to assure that under controlled (target) conditions, a 
guaranteed (target) removal efficiency will be achieved. No design margi~ 
is gua~anteed, and no design margin (or confidence limit) is required ·to 
assure high likelihood of passing the guarantee test. Accordingly, the use 
of guarantee level as "target" in the computer simulation model is the most 
appropriate value a~ailable. 1 







Supplemental NOx BACT Analysis 


The original Best Available Control Technology (BACT) analysis for the 


Orlando Utilities Commission C. H. Stanton Unit 2 was submitted on March 15, 


· 1991 as part of the Suppleri1ental Site Certification Application.· This 


·supplemental NOx BACT analysis addresses specific issues identified by the 


Environmental Protection Agency in letter dated July 2, 1991. Assumptions 


regarding plant, fuels a1id evaluation criteria remain the sam,e as presented in tliat 


document. The substantive issues identified for further information submittal 


included the effects of low NOx burners on carbon losses, and a detailed technical 


and econorhic evaluation for installation of a selective catalytic NOx emission 


reduction (SCR) system on Stanton 2. The following discussion .addresses these 


specific issues identified. 


1.0 Boiler Carbon Losses 
Low NOx bui·ners reduce NOx emissions by effectively staging combustion. 


Unfortunately, this results in less efficient combustion, increasing levels of 
. ~ 


· unburned combustibles. This will be exhibited by higher fly ash carbon contents. · · 


It is estimated by the boiler manufacturer that unburned carbon _levels will 


increase from 0.3 percent for burners designed to meet .a New Source 


. Performance Standard NOx emission.of9.:60 lb/MBtu to 0.4 percent.for low NOic 


burners designed to meet a NOx emission c:if 0.32 lb/MBtu. This corresponds to 


a coincidental increase in fly ash carbon contents from 2.9 percent to 3.8 percent 


for low NOx burners. 


ASTM has established standard specifications for the use of ·fly, ash as a 


mineral admixture in concrete (designation C618-91 ). These specifications 


in¢.icate that fly ash with carbon contents up to 6 percent are allowed to be used 


as concrete admixture. Accordingly, fly ash carbon losses from the use of low 


NOx burners will not prohibit the sale of fly ash from Stanton 2. 


2.0 Selective Catalytic Reduction 
Selective catalytic reduction systems limit NOx emissions by injecting 


ammonia upstream of a catalytic reactor. The ammonia molecules in the presence 


of the catalyst dissociate reducing a significant portion of the NO~ into nitrogen 
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and water. SCR systems may potentially reduce NOx. emissions by as much as 70 


to 90 percent. 


r The ammonia is received and stored as a liquid. The ammonia is vaporized 


and subsequently injected into the flue gas by either compressed air or steam 


carrier. The optimum amrnonia injection temperature occurs between 650 and 


750 F. Therefore, the system is logically located between th_,e economizer outlet 


and the air heater inlet. An economizer bypass may be required to maintain the 


reactor temperature during low Joa~ operation. This will reduce boiler efficiency 


·at lower loads. 


2.1 Coal Fired SCR Experience 


Selective catalytic reduction (SCR) systems were first used in Japan during 


the 1970's. Through 1990, 40 SCR systems were operating on 10,852 MW of coal 


fired utility service. Japanese SCR systems were operated to achieve between 70 


·and 80 percent·NOx. reduction with ammonia slip less than 10 ppm. Coals burned 


in the Japanese boilers have low sulfur (less than one percent) and low ash (less 


.than 10 percent) conten.ts. 1 


I 
In response to acid rain legislation, SCR was retrofitted to 129 German coal ,., 


fired boilers totalling 30,625 MW. Most of the Japanese and German SCR 


systems are generally operated to achieve 80 percent NOx. reduction· to meet a 


NOx. emission limit of approximately 100 ppm while maintaining ammonia (NH 3) 


slip emissions to below 5 ppm. Siinilar to Japanese SCR experience, coals burned 


at these facilities· have relatively low sulfur (0.7 to 1.2 percent) and low ash. 


contents.2 


To ·date, there are no coal fired boilers using SCR systems in the United 


States. I-_Iowever, a 140 MW coal fired pulverized coal boiler with SCR was 


recently permitted in New Jersey. For that facility NOx emissions were limited 


to a maximum of 0.17 lb/MBtu based on the use of low NOx burners and SCR. 


Th~ facility will not operate for two to three years. Therefore, it is not possible 


to ·presently evaluate the effectiveness of SCR at facilities burning U.S. coals. 


It is OUC's beli'~f that the SCR technology is insufficiently developed for use 


on Stanton i based on inexperience with U.S. coals (detailed in subsequent 


sections). However, since the precedent has been established for use of SCR on 


a pulveriz~d coal fired. plant, this BACT analysis will evaluate SCR on a 


technical, economic, environmental, and energy basis. Based, on the New Jersey 
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facility, the analysis will be based on the use of low NOx burners followetl by an 


SCR system designed to limit NO x emissions to 0.17 lb/MBtu. 


·There are two SCR system configurations that ·can be considered for 


application on pulverized coal boilers. A h'igh dust application locates the SCR 


before the particulate collection 'equipment, typically between the economizer· 


outlet and the air heater inlet. A low dust or cool side application is located 


downstream of the particulate and flue gas desulfurization control equipment. 


The high dust application requires the SCR to be located. between the 


economizer outlet and the air heater inlet in order the required SCR operating 


temperature of approximately 650 F to 750 F. The low dust application of SCR 


would locate the catalyst downstream of the particulate- control and flue gas 


desulfurization equipment. Less catalyst volume is needed for the low dust 


application .since the majority of the partic~ late and S02 has been removed. 


_However, a major disadvantage of this alternative is a requirement for_ 


supplemental fuel firing to achieve sufficient flue gas operating temperatures. 


There is only a -limited amount of low dust SCR experience worldwide. 


Considering the developmental nature of this _alternative, this analysis will only 


consider the use of high dust. SCR systems . 


. 2.2 SCR ·Technology Status 


The Japanese and European experience with SCR cannot be blindly applied 


.to U.S. facilities; There remain two ·significant uncertainties about design, 


performance, operating parameters, and cost of SCR systems. First, U.S. utility 


power plants operate under more variable loads. Second the amounts and types 


of sulfur, ash, and tr:ac·e elements in U.S. coals are different from those in coals 


consumed in Japan and Europe.3 4 


Variable load conditions results in variable temperatures in the SCR reactor. 


At. lower temperatures SCR reaction efficiencies drop off markedly resulting in 


eit~er lower NOx reduction or additional ammonia slip emissions. 


Japanese and German SCR experience has been with coals with relatively low 
• \'le. 


sulfur and ash contents.. Combustion of higher sulfur coals will result in the 


emission of larger quantities of su'lfur trioxide (S03). In addition, .SCR catalysts 


oxidize S02 resulting in an increase in S03 emissions of between .50 and 100 


percent.5 6 
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Sulfur trioxide in the presence of ammonia will form ammonia sulfate and 


ammonia bisulfate salts. Resultant particle diameters are on. the order of 1 to 3 


microns (potentially increasing:,plant PMlO einissions).7 Ammonia, bisulfate can 


foul the catalyst's micropore structure limiting reactivity.8 In addition, ammonia 


bisulfate is a sticky substance which can deposit on downstream e'quipment. 


Ammonia bisulfate will tend to liquefy at a temperature of about 410 F in the 


·intermediate baskets of the air heater. Once liquefied it solidifies in nodules in 


the space between the intermediate and cold end baskets. The result can be 


increased pressure drop, and eventual plugging (resulting in decreased unit 


reliability). Off-line water washings are necessary to remove the soluble depo~its. 


Cold-end sootblowers are not generally effective in reaching and removing these 


deposits on-line. To alleviate this problem in Japa11 and Germany, recent SCR 


designs have limited ammonia slip emissions to between 3 and 5 ppm.9 Based 


on the relatively high sulfur concentrations of coals under consideration for C. H. 


Stanton Unit 2 it may be ri.ecessar"y to limit ammonia slip to 2 ppm, further 


limiting maximum SCR effectiveness to somewhere between 60 and 70 percent . 


NO x reduction. 


[ncreased · S03 concentrations lead to an increase in the acid dew point. 


Hence higher air heater exit temperatures a,nd decreased boiler efficiency will 


result from the us'e of SCR. 10 


A number of alkali metals and trace elements (especially arsen.ic) poison the 


catalyst significantly affecting react1v1ty and life. 11 Average arsenic 


concentrations for U.S. coals are three times the worldwide average. 12 Other 


,elements such as sodium and potassium can also poison ·the catalyst by 


neutralizing the active acid ~ites. Poisoning of the catalyst does not occur 


immediately but is a continual process over the life of the catalyst. As the catalyst 


becomes deactivated more NH 3 must be injected to compensate and meet NOx 


emission limits. This will result in an increased amount of NH3 slip. Increased 


NH_J,~,lip will in turri result in additional .ammonia salt formation .and fouling of 


downstream equipment. 
,•_ . 


A significant quantity of ammonia slip from S~R system will condense onto 


fly ash. The ammonia content of the fly ash can have an impact on waste disposal 


or marketing practices. At elevated pH, ammonia in the fly ash will be released 


·possibly leading to odorous emissions. While eastern U.S. coals are not inherently 


alkaline, fixation with alkaline species from the wet limestone scrubber or when 
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used as admixture for cement manufacturing will result in ammonia releases. 13 


Fly ash NH 3 concentrations greater than 100 mg/kg fly ash results in 


noticeable odor and resultant. rejection by the cement industry. Testing has 


indicated that for a coal with seven percent ash ammonia slip m~st be limited to 


below 2 ppm to. avoid any potential problem. 14 15 
ICJ Curre_ntly, SCR syslem 


suppliers will only guarantee ammonia slip levels _of 5 ppm for a period of two 


years. lt is likely that initial ammonia slip emissions will be below the 2 ppm 


criteria. However,. as the catalyst ages ammonia slips will approach the 


guaranteed 5 ppm value. Accordingly, it is a possibility that Stanton 2 will lose 


fly ash sales should SCR be required. 


2.3 SCR Economic Evaluation 


Table 2.3-1 lists the estimated total capital and annual cost for installation of 


a SCR NOx emission reduction system on. C.H. Stanton Unit 2., The table lists 


all, costs for a coinplete SCR system designed to meet aNOx emission limit of 0.17 


lb/MBtu. Costs presented in the table are based on manufacturers estimates for 


Stanton·2. The economic ~riteria used are identical to those used in the original 


BACT analysis. 


The total. capital cost for installation. of a SCR system on Stanton 2 is 


estimated to be $31.2 million. The cap_ital costs include ammonia ·receiving, 


storage, and injection equipment, catalyst, and balance of ·plant equipment. 


· Ammonia receiving and storage equip.me1~t wi-11 primarily consist of ammonia 


truck receipt equipment, onsite ammonia storage tanks, piping and pumps tO 


transport ammonia to the. storage tanks, and foundations (including spill 


containment dikes). Ammonia injection equipment include ammonia vaporizers, 


air compressors or dilution air fans to provide a carrier medium, i.njections 


nozzles or headers, and associated piping and controls. Catalyst costs include·four 


layers of catalyst, housing, maintenance acce.ss provisions, and .associated 


tran~ition ductwork. Balance-of-plant costs include air heater modifications to .. ... . 
accommodate operational problems associated with unreacted ammonia and S03 


,t, . 


in the fl~e gas stream, personnel safety equipment, boiler modification costs to 


accomodate the SCR catalyst" reactor, and incremental' ID fan capacity to 


overcome draft losses. 
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Table 2.3- l. SCR Capital· and Annual Costs 


2-Year 2/4-Year 


Catalyst Life 
' 
Catalyst Life 


... 


($ t,000) ($1,000) 


Capital Costs: 


Equipment 13,900 . 13,900 


Field Labor .l,700 1,700 


Balance of Plan~ 2,680 2,680 


Total 18,280 l8,280 . 
Contingency 1,830 .. 1,830 


Escalation 3,340 3.340 


Direct Capital Cost 23_;450 23,450 


[ndirects 3,750 3,750 


[nterest During Construction 4,000 4,000 


Total Capital Cost 31,200 31,200 


Levelized Annual Costs: 


Operating Personnel 190 190 


Maintenance · · 12,670 8,650 


Additive 600 600 


:Energy 800 800 


Demand 100· 100 


Loss in Fly Ash Sates 1,080 1,080 


Fly Ash Landfill Costs 320 320 


Boiler Efficiency Impact 9l0 910 


Annual Operating Co~t 16,670 12,650 


· ·"Fixed Charges 2.460 2,460 


Total Annual'.Cost 19, 130 15,110 
«; 


NOx Emissions Reduced, tpy 2,810 2,810 


Incremental Reduction Cost, $/ton $6,810 $5,380 
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Levelized annual operating costs listed in Table 23-1 include operating 


pe~sonnel, maintenance, ainmonia additive, electric energy and demand costs, and 


lost fly ash sales as well as the resulting fly ash disposal costs. The total levelized 


annual operating cost for installation of a SCR system on Stanton 2 is estimated 


to be $16.7 _million assuming the maximum guaranteed catalyst life of 2 y~ars. If 


a somewhat_less conservative assumption is made that the first two layers of the -


catalyst have a life of two years and the !~st two layers have a life of four years the 


levelized annual operating cost decreases to $12.7 million. 


Operating personnel costs include two full time equivalent personnel to 


operate the SCR system and associated auxiliaries. _ Maintenance costs are 


primarily related to the replacement of spent catalyst. Manufacturers typically 


provide a two year catalyst guarantee for coal fired applications. Ammo-nia costs 


are based on NOx reduction requirements and the resulting molar ratios of 


ammonia to NOx'. 


Energy costs reflect the energy required to operate air compressors and 


ammonia vaporizers. Energy costs also include the-additional ID fan energy that 


would be necessary to overcome the added pressure drop from the catalyst. The 


demand cost is included to reflect the cost of building additional generating 


capacity into the unit to account for the capacity cornsumed by the additional ID 


fan power requirements. 


,/,' 


Stanton 1 has historically been capable of selling all ash production for use 
1


, 


in the concrete industry. -It was -expected- that Stanton .2 ~ould be similarily 


capable. However should an SCR system be required, the ROtential for fly ash 


sales from Stanton 2 would greatly reduced due to ammonia contamination. As 


a TeSUJt, this contaminated fly ash must be disposed of in an Onsite landfill, 


incurring additional cost. For the purposes of costs presented in Table 2.3-1 it has 


been assumed that only 50 percent of these sales would be lost on the average 


(periodic catalyst replacements may result in cyclic possibilities for fly ash sales). 


_T_~e total levelized annual ·cost for a SCR system on Stanton 2 would be $19.1 


million based on a.,.~aximum guaranteed catlyst life of two years. These costs 


result in an incremental NOx reduction cost of $6,810 per ton to achieve an outlet 


emission of 0.17 lb/MB tu as compared to a low NOx burner NOx emission of 0.32 


lb/MB~u. If a less conservative assumption is made regarding catalyst life 


incremental NOx reduction costs are lowered to $5,380 per ton. 


_August 1, 1991 7 







2.4 SCR Environmental Evaluation 


Areas surrounding Stanton 2 are classified as attainment areas for nitrogen. 


oxide emissions. Modeling analyses based on a NOx emission r:ate of 0.32 lb/MBtu 


. iµdicate ambient impacts below impacts predicted in the original Stanton .1 Site 


Certification Application. 


Operation of a SCR system to ·meet a NOX emission limitation of 0.17 lb/MBtu 


will result in ammonia slip emissions of between 2 and 10 ppm. Catalyst 


manufacturers will guarantee ammonia slip emissions of 5 ppm or less during the 


first two years of operation. When catalyst surfaces are relati~ely new ammonia 


slips will be very low. However, as the catalyst ages and becomes either 


deactivated or blinded, ammonia slip emissions will increase. As mentioned 


previously, should ammonia slip emissions exceed 2 ppm it is likely that all fly ash 


sales would be lost. 


Use of SCR results in a 50 to 100 percent increase in S03 emissions. 


Unreacted ammonia and sulfur trioxide can react to form ammonia bisulfate and 


ammonia sulfate salts. These particulates will generally be smaller than 10 


microns, and thereby, potentially increase PM 10 emissions. Sulfur trioxide 


emissions that do not react with ammonia will exit the- unit as sulfuric acid mist ... 


em1ss1ons. 


Ammonia is a hazardous material. Therefore, ammonia must be handled and 


stored with extreme care. Storage and ·use of ammonia on-site will increase the 


· likelyhood of hazardous or fatal accidents. Rece~t projects in Cali'fornia required 


to use ammonia have had difficulty obtaining local permits allowing ammonia use. 


' 25 SCR Energy Evaluation 


A SCR system consumes electrical energy for SCR auxiliary system ~peration 
and for incremental ID .fan demand to overcome SCR draft losses. This energy 


requirement is approximately 1,870 kW. This represents approximately 0.5 


per~ent of total plant power output. 


•'. 


2.6 Conclusion.s 


Advances in 'the control of NOx from pulverized coal boilers enable the 


project to lower anticipated NOx emissions from the Stanton 1 emission limit of 


0.6 lb/MBtu to 0.32 · lb/MBtu. Selective catalytic reduction systems are 


insufficiently developed for use on pulve'rized coal fired boilers buring U.S. coal. 
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However, a recently permitted pulverized coal fired facility incorporated the use . 


of low NOx burners followed by a SCR system. This facility is not in operation. 


The total levelized·annual cost for a SCRsystem on Stanton 2 would be $19.1 


million based on a maximu.m guaranteed catalyst life of two years. These costs 


result in an.incrementaJ NOx reduction cost of $6,810 per ton to achieve an outlet 


emission of 0.17 lb/MBtu as compared to a low NO"' burner NOx emission of 0.32 


lb/MBtu. If a less conservative assumption is made ~egarding catalyst life 


incremental NOx reduction costs are l.owered to $5,380 per ton. 


Since SCR systems are not dem9nstrated ·on plants burning U.S. coals it is 


likely that plant reliability would be reduced ·if an SCR system were used. These 


reliability decreases a're likely to result from secondary effects such as a·ir heater 


fouling by ammonia sulfate deposits. Previous experience with initial transfer of 


. flue gas desulfurization technology resulted in in~reased plant forced outage rates 


of between 5 and 15 percent. In addition use of a more speculative techno.logy 


'' · will likely result in a reduction of bond rating for OUC of between 15 and 30 


points. Considering the range o'f these cost impacts incremental NOx .reduction 


would increase to between $9,200/ton arid $13,70C(ton assuming a two year 


catalyst life. 


The preceding discussion strongly supports that on the basis of technical, 


economic, energy, and environmental considerations, combustion controls 


designed to meet a NOx emission requirement of 0.32 lb/MBtu represents BACT 


. :·:~:.:··:for Stanton 2 and SCR should not be applied to this installation . 


. . 
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UNITED ST ATES ENVIRONMENT AL PROTECTION AGE:KY 


REGION IV 


JUL 0 2 1991 


4APT-AEB 


345 COURTL. . .o.~.;O 57REET. N.E 
,.\i'i....,.).:".t":'"A, GEC)RGlA 30365 


Mr. James P. Crall, Director 
Environmental Division 
Orlando Utilities Commission 
500 South Orange Avenue 
P.O. Box 3193 
Orlando, Florida 32802 


RE: Orlando Utilities Commission SEC Unit No. 2 (PSD-FL-084) 


Dear Mr. Crall: 


This is to acknowledge receipt of your request for a modification to 
your previously issued Prevention of Significant Deterioration (PSD) 
permit transmitted by letter dated March 18, 1991, as well as the 
additional information submitted with your letter dated June 20, 
1991. I ~ant to take this opportunity to thank you for the effort 
you and your staff have gone to in order to facilitate the review 
process for this project. The information presented by your 
consultants in our meeting of June 7 was quite helpful. After 
reviewing the information you have submitted along with the 
application, our staff has raised the following questions and 
concerns. 


Sulfur Dioxide BACT 


The so2 emission limit which you have proposed is 0.32 lb/MMBTU on 
a thirty-day rolling average, based on a design coal with a maximum 
sulfur content of 2.5% and a control system removal efficiency of 
92%. The presentation made by your consultant gave the basis of this 
estimate as a statistical analysis utilizing a computer model which 
estimated that the reduction level that could be achieved with a 99% 
confidence limit over a thirty-day rolling average would be 92%. The 
assumptions made for this model include the use of 95% as the 
"target" removal efficiency since this level is "the.highest 
guaranteed by any vendor. What is the basis for the vendor guarantee 
of 95%? What is the confidence limit for this guarantee? Over what 
averaging time has the vendor guaranteed 95% removal? It would seem 
that the 95% removal number, if it was guaranteed by the vendor, is 
the· result of experience and analysis rather than a "target" number 
which is the starting point of the analysis. 


Printed on Recycled F'3per 


... .. 







-2-


Nitrogen Oxides BACT Analysis 


The control technology which OUC has proposed as BACT for the PC 
boiler is the use of in-furnace combustion control {low NOx 
burners) to achieve a NO emission levei of 0.32 lb/MMBTU. The 
application stated·that 3uc intends to sell the fly ash resulting 
from the combustion of coal to the concrete industry. 


What is the resulting carbon loss from the utilization of low 
NOx burners? 


To what extent does the carbon content of the fly ash increase as 
a result of the utilization of low NOx burners to achieve a 
level of 0.32 lb/MMBTU? 


How does the increased carbon content of the fly ash affect the 
salability of the fly ash? 


The use of selective catalytic reduction (SCR) on Stanton Unit No. 2 
was dismissed in the application based on "the complete lack of SCR 
experience with these [Eastern United States] coals." Stated 
concerns include the sulfur content of the design coal and anunonia 
slip. As you may know, the new generation of SCR catalysts are 
generally sulfur resistant. For example, the Takehara Power Station 
has been operating with SCR while firing 2.5% sulfur coal since 1981. 
The NOx removal rate is 80% and anunonia slip is minimized, thus 
there nas been no evidence of ammonia salts fouling equipment 
downstream. (E.S. Brehens, et. al., SCR Operating Experience on 
Coal-Fired Boilers and Recent Progress, 1991 Joint Symposium on 
Stationary Combustio~ NOx Control - EPA/EPRI, March 25-28, 1991) 


There are numerous pilot studies being conducted to study the 
utilization of SCR on eastern U.S. coals. These include the study at 
TVA Shawnee, the study by the Southern Company in conjunction with 
Georgia Power, and the planned study at TVA Kingston Unit No. 9. In 
addition, the Chambers Cogeneration facility, located in New Jersey, 
was permitted in December of 1990 and required SCR on each of two PC 
boilers. Many facilities in both Japan and Germany will have nearly 
20 years of operating experience with SCR by the time Stanton Unit 
No. 2 starts up in 1997. 


The literature suggests that an ammonia slip level of 1 ppm· is 
achievable through proper design and in fact is the target rate of 
many of the German applications. With the low anunonia slip, the 
concerns relating to the formation of an ammonia chloride plume and 
the formation of ammonium salts are alleviated. In addition, with low 
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ammonia slip, the fly ash is not contaminated and remains a high 
quality salable product. (H. Maier, et. al., Operating Experience 
With Tail-End and High-Dust DeNOx Techniques at the Power Plant of 
Heilbronn, 1991 Joint Symposium on Stationary Combustion NOx 
Control-EPA/EPRI, March 25-28, 1991) 


As far as the reliability of a SCR system in coal-fired service, the 
German and Japanese units have been able to limit maintenance on the 
SCR system to scheduled shutdowns of the unit. In other words, the 
SCR systems have roughly the same reliability as the FGD systems. 
The keys to a successful system ·appear to be the utilization of 
second generation catalysts which minimize the conversion of so2 to 
so3 ; the use of steam assisted soot blowers in the air heater; and, 
the use of reliable ammonia monitors to minimize ammonia slip. 


Based on the available literature and the fact that SCR has already 
been permitted in the U.S. for a PC boiler as the result of a BACT 
analysis, it would appear that SCR is indeed technically feasible. 
In addition, due to the development of second generation catalysts, 
the capital costs for 'installing SCR continue to decrease. In order 
to make an educated judgement as to whether SCR is applicable to 
Stanton Unit No. 2, it is necessary to obtain vendor quotes with 
guarantees on NOx reduction, ammonia slip, and so2 to so3 conversion. To that end we are requesting that you obtain vendor 
quotes for an SCR system~based on the following parameters. 


Conventional Boiler with uncontrolled NOx emissions of 0.45 
lb/MMBTU in order to minimize the carbon content in the fly ash 
such that the ash remains a salable product; 


NOx reductions of 80%; 


Ammonia slip initially limited to 1 ppm with a maximum 
degradation to 5 ppm before changeout of the catalyst modules 
begins; 


The design coal presented in your application; 


Evaluate both the high dust and tail-end configurations. Although 
the use of a tail-end system substantially extends the catalyst life, 
there is a heat rate penalty associated with reheating the flue gas. 
An assessment should be made of the heat rate penalty vs. the 
extended catalyst life. 


.. 
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In swnmary, we feel that these issues need to be addressed before a 
preliminary determination can be made. If you have any questions on 
these comments, please contact Mr. Gregg Worley of my staff at (404) 
347-5014. 


:/ 
Sincerely yours I f ·l 


l/./i{ '" , I t' i J / .r. 
( I ; / I ;,'; .:,//! : . f-·, 


Jewel:'!\~~ H~;pe.r, Ch~f 
Afr Enforcement Branch ~ 
Air, Eesticides, and Toxics 


Management Division 


cc: B. Andrews, FDER 
s. Day, Black & Veatch 
T. Tart, Esq., OUC. 


.} 








Guidance on the Appropriate Injunctive Relief for Violations of Major New Source
Review Requirements


(Memorandum)


          Signed November 17, 1998


          MEMORANDUM


          SUBJECT:
                       Guidance on the Appropriate Injunctive Relief for
                       Violations of Major New Source Review Requirements
                        
          FROM:
                       Eric V. Schaeffer, Director 
                       Office of Regulatory Enforcement
                        
          TO:
                       Addressees


          This guidance sets forth the injunctive relief that the U.S. Environmental Protection Agency (EPA)
          should seek in settlements of major New Source Review (NSR) enforcement actions (1). Monetary
          penalties should continue to be determined pursuant to the Clean Air Act Stationary Source Penalty
          Policy and Appendices. 


          Introduction 


          To maintain a level playing field for regulated sources across the country, the Office of Regulatory
          Enforcement (ORE) is issuing this guidance setting forth the injunctive relief it expects to see in
          judicial Consent Decrees and in administrative case settlements concerning major NSR enforcement
          cases(2). In particular, this guidance addresses cases where either (1) a source failed to obtain a
          major NSR permit prior to commencing construction of a major source or a major modification or
          (2) a source with a synthetic minor limit(3) regularly violated that limit. 


          As Congress stated in the Prevention of Significant Deterioration (PSD) portion of the Clean Air Act
          (CAA or Act), the general purpose of the NSR programs is to protect public health and welfare
          (including air quality) while "insur[ing] that economic growth will occur in a manner consistent with the
          preservation of existing clean air resources." 42 U.S.C. § 7470. One method relied on to achieve this
          purpose is to require the use of ever-improving control technology as new sources of air pollution are
          built. The NSR programs also are a means to phaseout the grandfathering of existing sources created
          in the 1977 Act. As the D.C. Circuit stated in Alabama Power v. Costle, "[t]he statutory scheme
          intends to ‘grandfather' existing industries; but the provisions concerning modifications indicate that







          this is not to constitute a perpetual immunity from all standards under the PSD program." 636 F.2d
          323, 400 (D.C. Cir. 1979). Thus, the NSR programs are instrumental in implementing the Act and in
          attaining the goal of clean air throughout the United States. 


          In order to effectuate the purpose of the NSR programs, EPA generally should, at a minimum,
          require the installation and operation of control technology or process changes that result in emission
          reductions equivalent to the best available control technology (BACT) in PSD cases and the lowest
          achievable emission rate (LAER) in nonattainment cases when resolving NSR enforcement actions(4).
          When the case involves a source that failed to obtain any type of permit or limit at the time of
          construction, the source should not be allowed to avoid the installation and operation of pollution
          control equipment or process changes by obtaining a "synthetic" minor limit (usually a permit) after
          the fact unless compelling circumstances exist(5) (see below). 


          Similarly, if a case involves a source that obtained a timely synthetic minor limit, but which regularly
          violates that limit, this document provides guidance regarding when it is appropriate to allow the
          source to merely come into compliance with the limit and when it is appropriate to require that the
          source achieve emissions reduction equivalent to those achieved by BACT/LAER-equivalent air
          pollution control equipment or process changes. 


          Failure to Obtain a Permit Prior to Construction 


          There are two scenarios addressed in this portion of the guidance; both involve a source with
          potential emissions above the applicable major source threshold that failed to obtain either a major
          NSR permit or synthetic minor limits prior to construction of a new major source or major
          modification(6). Under the first scenario, the source's actual emissions exceeded the major source
          threshold. Under the second, the source's actual emissions never exceeded the major source
          threshold. This guidance only reflects the position that EPA may adopt in settling the matter and, like
          the Stationary Source Civil Penalty Policy, considers many factors when resolving an enforcement
          action. Importantly, under both scenarios, the source has violated the NSR requirements and could
          be compelled to comply fully with the statutory NSR permitting process. As discussed above, NSR
          is a key component to ensuring that economic growth and expansion occur in a way that minimizes
          any adverse impact on air quality. Thus, NSR violations often result in hundred of tons of excess
          emissions. Moreover, sources that violate major NSR requirements often gain a competitive
          advantage due to their ability to (1) avoid the time involved with the permitting process and (2) invest
          money that should have been allocated to emission reduction efforts to other activities. These
          reasons, as well as others, necessitate strict enforcement of NSR requirements. 


          When a violation involves the first scenario (the source's actual emissions exceeded the major source
          threshold) the source should be required to comply fully with all applicable NSR requirements,
          including major NSR permitting, control technology, air quality impact analysis and offsets. As part of
          an EPA settlement, the Consent Decree should require a minimum level of control which the Agency
          believes ensures BACT/LAER-equivalent emission reductions(7). The Consent Decree should be
          crafted to allow the source the option of installing and operating more effective control equipment if







          the permitting agency requires a different (e.g., more stringent) control technology, but it should not
          allow the source to obtain a permit with controls that are less stringent than required by the Consent
          Decree. 


          If a violation involves a source with actual emissions that never exceeded the major source threshold,
          the source should be required to achieve BACT/ LAER-equivalent emission reductions. If the
          source's potential emissions are below the applicable major source thresholds after application of
          BACT/LAER-equivalent controls or process changes, Regions have discretion to determine based
          on facts of the specific case whether to require full NSR compliance, or whether to allow the source
          to obtain a synthetic minor permit after it achieves BACT/LAER-equivalent emission reductions. 


          Moreover, based on the Agency's experience with enforcing the NSR requirements for the past 20
          years, ORE has determined that it is no longer appropriate merely to allow a source to "correct" an
          NSR violation by dismantling an illegal modification, unless emissions from the new or modified unit
          would essentially become zero (e.g., the entire process line was shutdown). Thus, a source generally
          should not be able merely to return to pre-violation conditions in order to avoid installation of control
          equipment or implementation of process changes. For example, a source that illegally began burning
          tires in a boiler could not avoid NSR review (under scenario 1), or installation and operation of
          BACT/LAER-equivalent control equipment or process changes (under scenario 2), merely by
          agreeing to reducing the number of tires burned or by partial SO2 controls. If the source had
          properly permitted the boiler at the time it began burning tires, it would most likely have been
          required to install and operate pollution control equipment that would still be operational and control
          emissions after the source stopped burning tires because the boiler would still be operating after the
          "modification" was undone (e.g., there would be emissions from whatever fuel was burned in lieu of
          tires). Thus, ceasing the burning of tires would not necessarily bring the source to the same level of
          emissions that could be achieved with additional control equipment. 


          Nonetheless, as stated above, the appropriate injunctive relief articulated for both scenarios is subject
          to consideration of compelling circumstances. Because it is a very case-specific, fact-intensive
          determination, it is not possible to define all potential compelling circumstances. For instance, a
          source's actual emissions may be so low that imposition of add-on control equipment would
          constitute economic waste (e.g., in the above example, total SO2 and PM/PM10 emissions after the
          source stopped burning tires were too low to control in a cost-effective manner). Or perhaps the
          source is replacing the violating units with cleaner, energy-efficient new units that emit air pollution at
          levels near those that would be achieved by the older units with BACT/LAER-equivalent controls or
          process changes. Other compelling circumstances may involve significant, case-specific litigation risks
          related to whether a violation of major source requirements actually occurred or whether the
          injunctive relief set forth in this memorandum is appropriate in a particular case (e.g., permit shield or
          equity concerns; duration of violation is extremely short). Importantly, because Headquarters must
          concur on most Consent Decrees involving major NSR violations, Regions are encouraged to
          coordinate with Headquarters early regarding consideration of compelling circumstances and prior to
          initiating settlement discussions with a defendant. After this guidance has been implemented for some
          time, ORE will consider supplementing it with any trends regarding what constitutes a compelling







          circumstance that may develop. 


          Failure to Comply with an Existing Synthetic Minor Limit 


          Generally, when a source with limits that restrict its potential emissions below major source threshold
          levels violates those limits, EPA can enforce the limits and/or the major source NSR requirements.
          This guidance is not meant to restrict the Regions' ability to enforce the terms of an existing synthetic
          minor limit or permit. However, pursuant to the court's reasoning in United States v.
          Louisiana-Pacific, 682 F. Supp. 1142, 1161-62 (D. Colo. 1988), when a source "knowingly and
          regularly" violates a synthetic minor limit, EPA's position is that it need not consider the limit when
          calculating the source's potential to emit and determining its major source status(8). 


          EPA should take the position that a source's synthetic minor limit does not effectively limit the
          source's potential emissions when evidence indicates that the source has knowingly or regularly
          violated (or currently regularly violates) the limit. Thus, the source cannot simply claim that it has a
          limit that restricts its potential emissions; obviously this is not the case if the source's actual emissions
          have exceeded that "limit." A source should not be able to hold a limit up as a shield to major source
          status when it repeatedly violates the limit. As the court in Louisiana-Pacific stated, 


               to hold that permit limitations which are repeatedly violated should nonetheless be considered
               in determining potential to emit would give better treatment to sources which knowingly violate
               such conditions than the treatment currently afforded sources which comply with the law. 


          Id. at 1161. Allowing sources to merely come into compliance with the synthetic minor limits would
          encourage sources to make modifications without preconstruction review and even exceed existing
          permits until they were caught, rather than go through NSR review prior to making modifications.
          Treating the source as a major source or major modification should be EPA's position even when the
          source's actual emissions do not exceed major source thresholds or significance levels. To allow a
          source to violate a limit that restricts potential emissions until its actual emissions exceeded major
          source or significance levels would collapse potential and actual emissions and ignore the mandate of
          the Act to consider both. 


               Nonetheless, there may be circumstances where the appropriate response is enforcement of
               the synthetic minor permit. Such circumstances may include situations where the permit
               violations are (a) relatively infrequent, (b) known to be minor in nature and (c) where the
               synthetic minor limit is significantly lower than the relevant applicability threshold(9). As with the
               first portion of this guidance, the Regions are encouraged to coordinate early with
               Headquarters regarding application of these distinctions. 


          Conclusion 


          The guidance is effective immediately with respect to all cases in which the first injunctive relief offer
          has not yet been transmitted to the opposing party. To the extent earlier guidance, memoranda or







          other EPA documents imply that injunctive relief requiring a source to come into compliance with
          existing "synthetic" minor source limits, or obtain synthetic minor limits, is an acceptable resolution of
          an enforcement case, it is superseded by this guidance. As stated above, many major NSR
          enforcement cases are already considered "nationally significant," due to either issues in the case or
          penalty amounts of $500,000 or more, and thus require Headquarters concurrence. In addition, to
          ensure consistent implementation of this guidance, each Region should consider the first three major
          NSR cases (civil and administrative), regardless of the size of the penalty, it begins negotiating after
          the date of this guidance as "nationally significant" for delegation purposes and include Headquarters
          in the concurrence chain. 


          The policies set forth in this memorandum are intended solely as guidance to government personnel to
          be used to settle enforcement actions. They do not represent final Agency action, are not binding on
          any party, and cannot be relied upon to create any rights enforceable by any party. The EPA
          reserves the right to change this guidance at any time without public notice. 


          Questions concerning specific issues and cases should be directed to Carol Holmes of the Air
          Enforcement Division,, at 202-564-8709. This document will also be available on AED's Webpage
          at http://www.epa.gov/oeca/ore/aed. 


          cc: John Seitz, OAQPS 
          Bruce Jordan, OAQPS 
          Lydia Wegman, OAQPS 
          Alan Eckert, OGC 
          Greg Foote, OGC 


          Addressees: 
          Regional Counsels, Regions I-X 
          Director, Office of Environmental Stewardship, Region I 
          Director, Division of Enforcement and Compliance Assurance, Region II 
          Director, Division of Air Quality, Region III 
          Director, Air, Pesticides, and Toxics Management Division, Region IV 
          Director, Air and Radiation Division, Region V 
          Director, Compliance Assurance and Enforcement Division, Region VI 
          Director, Enforcement Coordination Office, Region VII 
          Assistant Regional Administrator, Office of Enforcement, Compliance 
            and Environmental Justice, Region VIII 
          Assistant Regional Administrator, Office of Pollution Prevention, 
            State, and Tribal Assistance, Region VIII 
          Enforcement Coordinator, Office of Regional Enforcement 
            Coordination, Region IX 
          Director, Office of Air Quality, Region X 
          Joel Gross, Chief, Environmental Enforcement Section, DOJ 







          (1)New Source Review includes the Clean Air Act Part D nonattainment NSR and the Part C
          Prevention of Significant Deterioration (PSD) programs. 
          (2)Many civil major NSR cases are deemed to be "nationally significant," and hence, require
          Headquarters concurrence. This guidance also applies to administrative major NSR cases. Thus, any
          reference to requirements of a "Consent Decree" in the context of a civil case applies equally to the
          resolution of an administrative major NSR case. 
          (3)A "synthetic" minor limit restricts potential emissions at an otherwise major source to levels below
          applicable major source thresholds. These limits generally are in the form of operational or
          production limits. The term may also refer to limits an existing major source takes to restrict its
          potential emissions from a modification to levels below applicable significance thresholds (e.g., 40 tpy
          of SO2). See 40 C.F.R. § 52.21(b)(23). 
          (4)Generally, BACT and LAER require the installation of add-on pollution control equipment. There
          are instances, however, when BACT or LAER may be reflected in a change in processes equipment
          design or operation (e.g., material usage). References to BACT/LAER in this guidance include both
          control equipment technology and operational changes. 
          (5)This reference to synthetic minor permits includes limits solely on operation and production (e.g.,
          hours of operation) as well as limits that require installation and operation of control technology. In
          other words, a violating source may not avoid the injunctive relief required in this guidance by
          installing air pollution control equipment or making process changes emissions to the level possible
          with BACT/LAER-equivalent controls or process changes. 
          (6)This guidance applies equally to new and existing sources. Thus, any and all references to new
          source construction and major source thresholds apply equally to modifications at existing sources
          and the applicable significance thresholds (e.g., 40 tpy of SO2). See 40 C.F.R. § 52.12(b)(23). 
          (7)This guidance does not alter EPA's current policy that the BACT or LAER determination is made
          at the time a source goes through NSR permit review. Thus, if a source violates NSR in 1995 (e.g.,
          by constructing a major source without a major NSR permit) and finally applies for a permit in 1998,
          whatever technology is BACT or LAER in 1998 should be required in the NSR permit. See, e.g.,
          "BACT/LAER Determination Cut-off Date" (Jan. 11, 1990) (BACT determination cut-off at date of
          final permit issuance) (document no. 8.43 in New Source Review Guidance Notebook). 
          (8)Although all permit limits and conditions are enforceable, only operational or production limits that
          are "practically enforceable" will be used to determine a source's potential to emit. See, e.g.,,
          "Guidance on Limiting Potential to Emit in New Source Permitting" (June 13, 1989) (document no.
          2.31 in NSR Guidance Notebook). The EPA is in the process of proposing a rule which would
          codify the elements of a practically enforceable limit. 
          (9)EPA realizes that in some instances, a new source may not precisely know what its emissions will
          be until it has constructed and begun operations. Thus, a source which in good faith obtained
          synthetic minor source limits may find itself unable to meet those limits. Although this is a concern
          when determining the appropriate penalty, it should not affect the appropriate injunctive relief.


Disclaimer


This electronic file has been retyped to make it available to you in electronic form. Formatting (margins, page
numbering, etc.) may differ from the original hard copy to make the document more easily readable on your







computer screen.  If any discrepancies are found, the file copy (hard copy original) which resides at the U.S.
EPA provides the official policy.  Information on the file copy may be obtained from the Air Enforcement
Division, Stationary Source Program at (202) 564-2414.
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SECTION 1  


 


SUMMARY 
 


 


The utility industry faces numerous mandates to retrofit flue gas emission controls to existing power 


plants. For example, the Clean Air Interstate Rule (CAIR), Clean Air Visibility Rule (CAVR), and 


settlements with the Department of Justice over alleged NSR violations all require retrofit of control 


technology. In addition, the Hazardous Air Pollutant Maximum Achievable Control Technology 


(HAPs MACT) rule, and the increasingly stringent National Air Quality Standards (NAAQS) are 


anticipated to promote control technology application. Some of these mandates and consent decrees 


required equipment installation and operation before 2010, with provisions for additional controls. 


These additional control requirements could be for the second phase of CAIR – or the equivalent 


program that replaces it. The HAPs MACT rule could also require reductions of NOx and SO2 in the 


2015 timeframe. 


 


The demand for control equipment strained international and domestic supply chains until early 2008. 


Robust demand through 2007 for materials and labor to support expansion of petrochemical industries, 


urban infrastructure, and power generation in developing countries consumed much of the international 


supply. Exotic corrosion-resistant metals (such as C276 Hastolloy) were simply not available from 


many suppliers, almost regardless of price. As a consequence, capital cost escalated from 


approximately the time frame of 2000 through 2008 for flue gas desulfurization (FGD) and selective 


catalytic reduction (SCR) equipment, and shortages in material and labor forced construction delays. 


Some owners of small generating units – less than 250 MW – issued requests-for-proposals for FGD 


equipment for which no bids were offered – or limited bids received at a premium price. Even major 


utilities encountered limits, as some reported it was not possible to secure fixed price contracts on 


construction projects, assigning all risk to owners. 


 


The recent moderation in the world economy has removed many of the supply barriers and eased cost 


escalation. The cost to retrofit FGD and SCR equipment is expected to moderate from peak levels 


observed in the last 24 months, but may not significantly decline. A key reason is the ever-increasing 


complexity of the host sites. As host units are older and of smaller generating capacity, there is less 


available space for control equipment. Frequently, convoluted and complex ductwork is required, 


increasing retrofit difficulty. 


 


Capital cost for FGD escalated significantly from the 2004-2006 timeframe to the 2008-2010 


timeframe. Over the four-year period between the approximate mid-point of these intervals (e.g., 2005 


vs. 2009), FGD cost escalated at 19% above the inflation rate. Specifically, on an average basis, 


retrofit of wet FGD to a 500 MW in the 2004-2007 timeframe required $342/kW (2008 dollars). A unit 


of the same capacity retrofit with FGD in the 2008-2010 timeframe required $407/kW (2008 dollars). 


The difference equates to an escalation of approximately $16/kW per year. At this rate of escalation, an 


FGD process installed for a 2015 startup on a 500 MW unit will require about $470/kW (in 2008 


dollars). 
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For a coal with sulfur content of 4 lbs/SO2/MBtu, each increase in capital cost for wet FGD by 


$100/kW can increase the cost effectiveness of SO2 removal by several hundred dollars per ton. At 


$400/kW, a typical 500 MW unit will expend about $600 to remove a ton of SO2 from this coal. For 


PRB coal with 0.9 lbs SO2/MBtu, each increase in FGD capital cost by $100/kW will increase SO2 


removal cost effectiveness by $500/ton. For this PRB coal, an SO2 removal cost of up to $2,300/ton 


will be incurred for a $400/kW FGD capital cost. 


 


Capital cost for SCR NOx control has similarly escalated over the same time period. Data obtained for 


this paper show a large number of units that recently retrofit SCR incurred capital cost between $300-


350/kW (in 2008 dollars). Catalyst unit price has remained low in the last 4-5 years, with new catalyst 


requiring a cost between $4,000-5,000/cubic meter. The cost of ammonia-based reagent, after peaking 


in 2007 at over $600/ton, is predicted to average about $400/ton through early 2010. Reagent cost after 


that time is uncertain, and historically linked to natural gas prices. For most applications, reagent has 


replaced catalyst supply as the largest SCR operating cost component. 


 


For a typical 500 MW unit firing an eastern bituminous coal and producing NOx at a rate of 0.38 


lbs/MBtu, each $100/kW increase in SCR capital cost increases NOx removal cost effectiveness by 


about $1,000/ton. The same unit equipped with a $300/kW SCR process would incur a NOx removal 


cost-effectiveness of $3,500/ton. For a 500 MW unit firing PRB and producing NOx at a rate of 0.20 


lbs/MBtu, each $100/kW increase in SCR capital cost elevates NOx removal cost effectiveness by 


$2,000/ton. A PRB-fired unit with a $300/kW SCR process would incur a NOx removal cost-


effectiveness of $6,500/ton. 


 


In summary, the material and labor shortages witnessed during the 2007 and 2008 timeframe have 


abated. However, the cost to retrofit FGD and SCR equipment is anticipated to escalate, over the long-


term, at about the same rate since the year 2000. The cost will be driven by the increasing complexity 


of smaller sites, at generally older units. Typically, large units with accessible, open sites have already 


been retrofit, as the most cost effective projects were first sought. These site–specific factors are 


anticipated to supersede the cost and availability of labor and components in determining installed 


equipment cost. 
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SECTION 2 


 


BACKGROUND 
 


 


INTRODUCTION 


The cost to retrofit capital-intensive environmental controls to power stations rapidly escalated from 


the year 2000 through the end of 2009. In the U.S., several environmental mandates that stem from the 


1990 Clean Air Act Amendments (CAAA) converged within the time span of only a few years. Since 


that time, the general slowdown in world-wide demand for chemical processing facilities, 


transportation, and urban infrastructure has diminished cost pressures for material and specialized 


construction labor. The relaxation in cost pressure was too late to moderate the installed FGD and SCR 


cost for units that planned to start-up in 2008 and 2009. Further contributing to the escalated cost for 


these units is an increase in the complexity of sites within which to retrofit equipment, as the units 


most amenable to retrofit were equipped first. As a consequence, although the price shocks of material 


and equipment observed in 2006 and 2007 have diminished, capital cost will continue to escalate due 


to more difficult retrofits. 


 


On the supply side, the limit to construction schedule imposed by components such as rubber-lined 


slurry pumps, pulverization and reagent grinding equipment, and flue gas emission stacks has abated. 


Access to these components can still determine the schedule of a project, but availability is 


considerably improved since 2007.  


RETROFIT OF CONTROL TECHNOLOGY 


Retrofit of control technology to existing plants is mandated by several actions subsequent to the 1990 


Clean Air Act Amendment:  the Clean Air Interstate Rule (CAIR), regional haze initiatives such as the 


Clean Air Visibility Rule (CAVR), and increasingly stringent National Ambient Air Quality Standards 


(NAAQS). Further, settlements with EPA and the Department of Justice (DOJ) over alleged New 


Source Review (NSR) violations may affect plans for SO2 and NOx reduction, as well as the 


Hazardous Air Pollutant Maximum Achievable Control Technology (HAPs MACT) rule that is being 


developed. Each of these is further described as follows. 


 


Clean Air Interstate Rule (CAIR).  As initially promulgated, this two-phase program mandated 


reducing NOx and SO2 in an initial Phase 1 (2009 for NOx and 2010 for SO2), and a Phase 2 (2015 for 


both SO2 and NOx). The CAIR program was remanded but not vacated by the D.C. Circuit in 


December of 2008. However, the eventuality of more strict limits for SO2 and NOx emissions did not 


alter actions by most utility owners to install FGD and SCR.  


 


National Ambient Air Quality Standards (NAAQS).  Under the Clean Air Act, NAAQS are to be 


reviewed every 5 years. Recently those reviews have lead to more stringent standards. As EPA 


continues to review and revise the NAAQS, States with areas exceeding the standards are required to 
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develop State Implementation Plans (SIPs) to achieve compliance. In those SIPs, States have looked to 


power plants for further emission reductions. 


 


Best Available Retrofit Technology (BART).  BART requirements are part of the Clean Air Visibility 


Rule (CAVR). These federal regulations require all states to revise their State Implementation Plans 


(SIPs) to address visibility impairment in Mandatory Class I Federal Areas, which are specific national 


parks and wilderness areas across the country. Consequently, states may require retrofit of emissions 


controls to achieve “reasonable progress” toward eliminating manmade impairment of visibility in 


Mandatory Class I Federal Areas. 


 


For example, the states of Illinois, Indiana, Michigan, and Wisconsin, through the Lake Michigan Air 


Directors Consortium are considering additional control measures for SO2 and NOx beyond CAIR. 


Regulatory agencies in other regions in the country such as the southeast (VISTAS) and far west 


(WRAP) are considering similar mandates. The extent and timing of these mandates is uncertain, but 


most proposed initiatives will require control equipment by the 2014 to 2018 time period.  


 


Settlements Regarding Alleged NSR Violations.  Allegations by the U.S. EPA that provisions of the 


CAAA regarding NSR were violated prompted several owners to agree to the installation of FGD and 


SCR controls on schedules that differ from those required to meet CAIR. 


 


Retrofit of FGD and SCR to many coal-fired boilers is required to meet these existing and proposed 


mandates. Figures 2-1 to 2-6 depict the inventory of wet and dry FGD and SCR process equipment that 


has been either installed or announced to meet various regulatory mandates. Figure 2-1 shows the 


incremental annual addition of both wet and dry FGD in terms of generating capacity (MW) through 


2012. The annual capacity added reaches about 20,000 MW in 2008, 2009, and 2010. Figure 2-2 


presents the cumulative total installed since 2001, reaching almost 100,000 MW by the end of 2012. 


Cumulatively with the 95,000 MW installed prior to the year 2000, almost 200,000 MW of the U.S. 


coal-fired fleet will be equipped with FGD by 2012. All new units treat 100% of flue gas. Estimates for 


equipment installed beyond 2012 are uncertain and thus not shown.  


 


Figure 2-3 shows the incremental generating capacity retrofit with SCR over the same time period. 


Since the peaks in 2002 to 2004, the capacity retrofit with SCR in each year has ranged between 


almost 4,000 and 10,000 MW. Figure 2-4 shows the cumulative capacity retrofit with SCR approaches 


130,000 MW by 2012. 


 


The ability of SCR and FGD to remove mercury (Hg) and other HAPs may also prompt their 


installation. Specifically, the “co-benefit” of Hg control, where oxidized Hg is removed as a 


consequence of SCR and wet FGD, is relevant to the anticipated HAPs MACT rule.  This rule is 


expected to be proposed in 2011. The capacity projected to be equipped with both SCR and FGD is 


shown in Figures 2-5 and 2-6, showing the annual and cumulative totals, as designated by the first year 


of operation. Figure 2-6 shows almost 70,000 MW of capacity will be equipped with both SCR and 


FGD by 2012. 
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Figure 2-1.  Historical and Projected Wet, Dry FGD Capacity:  Installed MW by Year 


Figure 2-2.  Historical and Projected Wet, Dry FGD Capacity:  Cumulative MW by Year 
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Figure 2-3.  Historical and Projected SCR Capacity:  Annual Installed Capacity (MW) 


 


 


Figure 2-4.  Historical and Projected SCR Capacity:  Cumulative Installed SCR Capacity (MW) 
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Figure 2-5.  Historical, Projected FGD and SCR Annual Capacity (MW) 


 


Figure 2-6.  Historical, Projected FGD and SCR Cumulative Capacity (MW) 
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NEW GENERATING STATIONS 


The number of new coal-fired units planned for operation between 2009 and 2020 has decreased 


notably in recent years. For example, in 2002 over 36,000 MW of capacity were scheduled to be 


installed by 2007, whereas only 12% of that amount (~4,500 MW) were actually completed (DOE, 


2009). As of late 2009, approximately 15,000 MW of coal-fired capacity is under construction, with 


more than another 4,000 MW of capacity permitted. An additional 27,000 MW of new coal-fired 


generating capacity has been proposed for installation by 2018 (DOE, 2009). It is not clear how many 


of the proposed units will actually be built, as investment plans are subject to revision given the present 


economic climate and regulatory uncertainty regarding CO2 regulation.  
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SECTION 3 


 


MATERIAL AND LABOR ESCALATION 
 


 


This section addresses the escalation of material and labor costs through 2008, the relaxation or 


normalization in prices since that time, and discusses possible impacts on equipment cost and 


construction schedule. 


BASIC MATERIALS  


Among the basic materials required for installation of environmental control technology and new 


generating equipment are iron ore, structural steel, copper for wire and cable, and elements such as 


nickel and molybdenum for exotic processed metals. These inputs, along with other construction 


materials and the cost and productivity of labor, determine the price of finished capital equipment. 


These materials are broadly available in the U.S. and throughout the world, but until mid-2008 


experienced strong demand due to world-wide construction in process industries and infrastructure. 


Specifically, exotic corrosion-resistant metals (such as C276 Hastolloy) were simply not available 


from many suppliers, regardless of price. Further, several cases of substandard manufacturing quality 


were documented with certain international suppliers, ranging from failure of high pressure piping to 


poor castings that lead to catastrophic failures. The demand for these materials has relaxed, as have 


prices, mitigating but not completely eliminating both cost and quality concerns. 


 


Figures 3-1 to 3-4 present price escalation data for selected materials over the last 10 years (with the 


exception of iron ore, for which data is only available over a three year period). These data, accessed 


either from the U.S. Bureau of Economic Analysis
1
 (BEA) or a commercial source


2
, reflect pricing 


from 1999 to present. These data show that prices for key commodities have relaxed from the 2008-era 


high marks, reverting for many materials to 2007 levels. Consequently, all commodity prices are lower 


than their 2008 peaks but most are not depressed. 


 


Figure 3-1 presents BEA data for steel products, using 1982 prices as a base case. Figure 3-1 shows 


2009 steel mill prices to be 60-70% of peak prices reported in the mid-2008, and at year-end returning 


to early 2007 and 2008 levels. Similarly, the price for iron ore (as traded at Hamersley, Australia) has 


relaxed from 2008 highs, and at the year-end of 2009, exceeds early 2008 levels (Figure 3-2).  


 


The cost for special alloys used for wet FGD reaction vessels, and for high pressure, high temperature 


boiler components, has also relaxed from peak 2008 values. Specifically, key ingredients to corrosion-


resistant and high-strength materials – nickel, molybdenum, and chromium – all experienced increased  


                                                 
1
  See U.S. Bureau of Economic Analysis, “Price Indices for Gross Domestic Product by Major Type 


of Product”, revised December, 2009, 


http://www.bea.gov/national/nipaweb/SelectTable.asp?Selected=Y 
2
 See www.Infomine.com 



http://www.bea.gov/national/nipaweb/SelectTable.asp?Selected=Y
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demand and higher prices up to 2008. Figure 3-3a presents price trends for molybdenum and nickel, 


showing that prices after escalating by a factor of 3 to 5, respectively, have relaxed to 2006 levels for 


nickel and to early 2004 levels for molybdenum. Figure 3-3b depicts a similar price trend for copper 


and chromium. Although the content of nickel, molybdenum, and chromium in finished steel products 


is small, cost escalation of this magnitude will affect final product cost. 


 


 


Figure 3-1.  Steel Mill Products Cost History 


 


Figure 3-2.  Iron Ore Cost Escalation 
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a.  Molybdenum and Nickel Price History Escalation 


 


                
 


b.  Copper and Chromium Price History 


 


Figure 3-3.  Price History Escalation: Nickel, Molybdenum, Copper, and Chromium 
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Figure 3-4.  U.S. Bureau of Economic Analysis Finished Goods Capital Price Index 


 


The delivered price of key finished goods and materials has also declined. However, finished 


equipment price declines are moderated because many inputs are manufactured goods, which require 


labor. These include components such as pumps, gas fans, valves, and steel plate fabricated from 


alloys. The delivered prices of these key components are reported to be lower by 10-20% compared to 


the peak 2007 and 2008 values (Gaikwaid, 2009; Erickson, 2009). 


 


One indicator of the cost of industrial components is the BEA cost index of finished products. This 


index, as exhibited in Figure 3-4, shows that prices have relaxed only moderately from the 2008 highs. 


 


Several key components or services no longer limit impose rate-limiting steps on project schedule. 


These include reagent preparation equipment, slurry recirculating pumps, agitator pumps, certain 


categories of forced and induced draft fans, and the stack. Perhaps most notable is the availability of 


material and personnel resources to fabricate and erect a stack. The limited number of stack erectors 


world-wide, coupled with the demand for new stacks for both retrofit of wet FGD and new generating 


units, has significantly elevated costs. 


LABOR  


The present cost trends and availability for qualified field labor are discussed in this section. 


Labor Cost Escalation 


Labor cost escalation experienced by the industry through 2007 was summarized by an 


architect/engineering firm involved in the construction of several new Midwestern plants (Black & 


Veatch, 2007). Through 2007, annual labor escalation was observed to be between 5.2 and 7.4% per 


year, averaging 6.2%.  


 


Discussions with representatives of architectural/engineering firms and equipment suppliers, and 


public reports of pay scales indicate that despite the economic slowdown, labor rates are little changed 


since 2007. Modest increases (~2% annually) are noted in most but not all trades. This trend is 
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consistent with labor costs for general construction personnel increasing 2.1% from September 2008 to 


September 2009.
3
 Labor rates are largely unchanged for the crafts with the most lengthy apprenticeship 


programs such as boilermakers, who are required for the heavy metal bending, forming, and erection 


duties required for SCR and FGD equipment. Labor rates for some crafts with less restrictive training 


(pipefitters, electricians) have slightly declined. Consequently, labor rates in 2007 and 2008 are likely 


representative of present-day costs, and modest escalation of nominally 2% annually can be 


anticipated.  


 


The contribution of labor cost to future FGD or SCR retrofit projects is anticipated to increase due to 


greater site complexity which will require more skilled personnel. For example, early SCR retrofits 


required installation cost of 40-50% of the total project – with the remaining cost for process 


equipment acquisition and design. Not all installation cost is devoted to labor – cranes and other heavy 


equipment are required – but the labor component is large. Inevitably, escalating labor cost will 


translate into higher installed emission control equipment cost. 


Labor Pool Availability 


The availability of specialized labor required for SCR and FGD retrofit has modestly improved since 


the 2008 timeframe. Perhaps the most critical craft is “boilermakers” – the highly skilled metalworkers 


needed to fabricate the high pressure, high temperature steam piping and supply casings. Historically, 


this labor pool is restricted due to a lengthy apprenticeship that is necessary to assure quality 


fabrication. 


 


The severe restrictions to the boilermaker labor pool incurred in 2007 and 2008 that limited SCR and 


FGD installation have subsided. The moderated demand allows project planners to construct a more 


productive schedule. For example, the ability to assign a work schedule of a “6 10‟s” (6 workdays per 


week, each 10 hours) is more feasible than in the 2007/2008 timeframe. 


 


As noted previously, labor requirements for retrofit projects are anticipated to increase with greater 


complexity of host sites. Historically, wet FGD installation for a 500 MW unit requires from 600,000 


to 900,000 man-hours of labor, depending on the design and site-specific conditions. The average 


value of 750,000 man-hours equates to 1,500 man-hours per MW of generating capacity. For SCR, an 


average of 500,000 hours is required for a 500 MW unit, which equates to 1,000 man-hours per MW of 


capacity.  


 


In terms of construction schedule, installing FGD and SCR at a given site is assumed to require 36 and 


28 months, respectively. It should be noted this schedule applies to the installation of a single control 


device at one unit; executing several of these projects in parallel can complicate logistics and 


significantly extend project duration. Although the demand for boilermaker man-hours required over 


the project duration is concentrated on the latter 2/3 of the schedule, key labor sources for all skill 


crafts must be arranged for well in advance of commencing construction.  


 


Labor Required for New Plant Construction.  In 2006, Black & Veatch estimated labor demand to 


construct the 80 GW of new plant capacity that at the time was either in construction, design, or 


permitting (Black & Veatch, 2006). In October of 2009, the Department of Energy National Energy 


                                                 
3
 See Table 5, “Natural Resources, Construction, and Maintenance”, change registered in September 2009 versus 


September 2008, U.S. Bureau of Labor Statistics, www.bls.gov/news.release/eci.t05.htm 
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Technology Laboratory (NETL) revised the projected status of new coal-fired power plants either in 


construction, design, or permitting to be approximately 49 GW (NETL, 2009). From 2013 through 


2016, the NETL predicts 21 GW of new coal-fired capacity will be installed. The revised workforce 


duty to support this construction, if executed in the field as projected, represents a large decrease from 


the 2006 projections. Given the uncertainty of new coal-fired plants in the “proposed” or “permitted” 


status, and the possibility of CO2 limits, the workforce demand due to new coal-fired generation is 


anticipated to be slight. 


 


Separate from coal-fired power stations, skilled craft labor will still be in demand, although not in short 


supply as in 2006 and 2007. The NETL projected 37 and 48 GW of natural gas-fired and wind 


generating capacity, respectively, to be installed between 2012 and 2016. The field labor to install 


these generating units is less than for coal-fired generation, but still expected to contribute to demand. 


Finally, many of these skilled labor trades will be in demand due to present economic stimulus actions.   


 


In summary, the supply of skilled labor is not anticipated to limit project schedules, or excessively 


escalate cost to retrofit FGD and SCR NOx control equipment. However, competition for skilled craft 


labor with other power generating projects and infrastructure improvements will exist, thus labor rates 


are not expected to change much from present values. 
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SECTION 4 


 


FACTORS AFFECTING CAPITAL COST ESTIMATES 
 


 


A review of factors affecting capital cost estimates is presented in this section. These involve the 


costing methodology and site-specific and engineering decisions. 


CAPITAL COST ESTIMATING METHODOLOGY 


Evaluating the capital cost of environmental controls requires a consistent accounting of costs. Both 


the costs directly incurred due to process equipment, and indirect costs imposed on plant and 


operations, must be accounted for. EPRI‟s Technical Assessment Guide (EPRI, 1993) provides a 


consistent methodology, and has served as a model by which DOE, EPA, and other organizations 


assess costs.  


 


Figure 4-1 schematically depicts the key components of a capital cost estimate. The capital equipment 


directly purchased from the supplier, and installed by a construction contractor comprises the Total 


Process Capital. Several indirect charges consequential to these direct charges are incurred:  (a) 


engineering design, (b) general facilities, (c) owners‟ costs, and (d) contingencies (usually both a 


process and a project). Contingencies are key planning cost elements that are usually absorbed as a 


project evolves. Indirect fees should be consistent when comparing costs from various suppliers. 


Table 4-1 presents typical ranges of values historically used by EPRI, DOE, and EPA. Together with 


the Total Process Capital, these indirect charges comprise the Total Plant Cost. 


 


A second series of indirect charges is incurred based on project execution:  fees for the prime 


contractor, and financing for the construction period. Adding these costs to the Total Plant Cost 


determines the Total Plant Investment.   


 


Finally, the equipment and site must be equipped with spare parts, and a supply of reagents, chemicals, 


or fuels, prior to operation. These pre-production charges and inventory capital complete the Total 


Capital Requirement. 


 


Ideally, evaluating capital costs would utilize similar charges as defined in Figure 4-1 and Table 4-1. 


Some but not all data presented in Section 6 have been developed on a consistent basis. However, most 


reported costs are derived from the same suppliers and A/E‟s that use similar assumptions. These costs 


are inevitably scrutinized by the public utilities commissions and thus eventually tested for 


reasonableness. Accordingly, comparing lump-sum costs has limits but can identify trends.  
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Figure 4-1.  Graphic Depiction of Cost Elements 


 


Table 4-1.  Examples of Indirect Charges, Assumptions 


Cost Element Purpose Range, % of Project Cost 


Engineering Establish design 7-15 


General Facilities Roads, buildings, shops, 


laboratories 


2-5, based on process capital 


Owner‟s Cost Staff, management 5-10 


Process Contingency Uncertainty in process 


operation 


5-10, for a mature process 


Project Contingency Uncertainty in site 


installation 


5-10, if detailed engineering initially 


completed 


Prime Contractor Fees Business cost 2-8 


AFDC Financing during 


construction 


5-10 


Preproduction Supply of parts, consumables 2, based on total process investment, plus 


30 days fixed, variable O&M 


Inventory Capital Supply of consumables Based on 30 day reagent, chemicals storage 


 


Equipment 


fabricated 


and delivered


Installation


Total


Process


Capital


Indirect Charges:


• Engineering design


• General facilities


• Owners cost


• Contingencies


Total


Plant


Cost


• Prime contractor fees


• Financing during construction


Total


Plant


Investment


• Preproduction 


(reagents, chemicals)


• Inventory capital


Total


Capital


Requirement
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SITE AND DESIGN FACTORS 


Site characteristics and the operating philosophy, particularly the owner‟s tolerance for equipment 


outages, affect capital cost. These and other factors are responsible for variations in estimates of capital 


cost among projects.  


 


The key site-specific factors that define capital cost are: 


 


Fuel Composition.  The fuel defines the volume of combustion products, content of particulates, SO2, 


and NOx production rates, and composition of fly ash. These characteristics drive process equipment 


cost. Most important is the volume of flue gas produced by fuel combustion. For example, PRB or 


other sub-bituminous coals can generate up to 30% greater volume flue gas to be treated, compared to 


an eastern bituminous coal, per unit generating capacity. For FGD, the amount of sulfur to be 


processed and the ultimate fate of the byproduct are factors. For SCR, the flue gas volume, the content 


and composition of ash, and trace elements in the fuel such as arsenic and phosphorous can determine 


reactor volume and catalyst layout.  


 


Site Congestion and Retrofit Difficulty.  Limited space for equipment location, access for construction, 


and access for labor will extend installation time. Generally, older units of smaller generating capacity 


will incur high costs due to limited access (as well as penalties due to economies-of-scale). Large 


generating units do not necessarily guarantee adequate space for equipment installation. Specifically, 


even though the area occupied by the plant will be larger, the opportunities for obstruction are greater.   


 


Existing Site Auxiliary and Support Facilities.  FGD and SCR process equipment demand auxiliary 


power, steam, and compressed air. The availability of these consumables at a site varies, and additional 


infrastructure to supply and distribute these consumables may be necessary. The most costly of these 


can be the requirement to provide new power distribution infrastructure including transformers, 


switchgear and/or “motor control centers”. The escalation in price until 2008 of copper-derived 


electrical subsystems has contributed to cost increases; during periods of peak copper pricing electrical 


infrastructure escalated from 5-6% of an FGD budget to more than 10%. 


 


Flue Gas Draft System Upgrades.  The retrofit of environmental controls will change the static 


pressure within the ductwork, which may require upgrades to fans, new fan motors, upgraded electrical 


systems, and strengthening of ductwork, ESPs, and boiler walls. The upgrade and strengthening of 


ductwork and boiler walls is necessary to prevent collapse or implosion.  


 


Waste Water Treatment Requirements.  For wet FGD, the need to treat process discharge water varies 


depending on permitted limits. Zero-water discharge requirements can impose large costs on the entire 


FGD slurry treatment and dewatering systems, and may possibly interfere with FGD chemistry. For a 


suite of wet FGD process equipment installed in North Carolina, wastewater treatment facilities 


comprised a total of between 9 and 14% of the total capital cost.  


 


Stack Rebuild or Replacement.  Retrofit of wet FGD process equipment can require replacement or 


major rebuild of the stack. Flue gas treated by wet FGD poses corrosion and deposition potential, due 


to relatively low saturation temperature and content of SO3. If space on-site is available, the least cost 
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solution sometimes involves a new stack rather than retrofitting corrosion-resistant liners to an existing 


stack. FGD installation can be limited by the availability of expertise and resources to erect a new 


stack. 


 


Equipment Sparing and Redundancy Philosophy.  The operating strategy of the owner, and the cost 


incurred for an FGD outage in terms of compliance margin and SO2 allowances, determines the 


equipment sparing and redundancy strategy. General convention defines equipment that is “spare” as 


that stored in a warehouse and ready to install; equipment that is redundant is installed and ready to 


run. Operators with sufficient margin in meeting the SO2 or NOx cap, or for whom SO2 or NOx 


“allowances” are available, may choose to lower capital cost by minimizing redundant equipment. 


Conversely, operators for whom access to SO2 or NOx allowances is limited or costly may elect to 


invest in more spare equipment. Sparing philosophy can affect capital cost by 10-20%. 


 


Materials of Construction.  The materials required to resist corrosion and erosion, in an effort to obtain 


high reliability, elevate capital cost. Specifically, high alloy containing steels or rubber-lined absorber 


vessels or pumps are needed to increase reliability. Although lower grade materials can sometimes be 


used for certain piping applications, the ability of a fluid to corrode, erode, or otherwise compromise 


the reliability of piping must be considered when selecting construction materials. For wet FGD, the 


need to use higher alloy and lined equipment adds 10-20% to the project capital cost. 


 


Capital versus Operating Cost.  Many decisions revert to a tradeoff between capital and operating cost; 


capital savings derived can be at the expense of higher operating cost. For SCR, a key example is the 


catalyst layout – the number of initial and final layers of catalyst utilized. For example, a reactor layout 


of 2 initial layers and 1 spare layer (i.e., 2+1) will result in a lower capital but higher operating cost, 


compared to utilizing 3 initial layers and 1 spare layers (i.e., 3+1). The key difference is higher catalyst 


consumption over a long-term period.  


 


Of these factors, perhaps the most important is site complexity. Plant sites where FGD and SCR are to 


be retrofit have become more complex for several reasons. First, the largest generating capacity, 


highest capacity factor units have already been equipped with FGD and SCR, leaving smaller and older 


units for future retrofit. The incurred capital cost per unit of generator output ($/kW basis) is 


disproportionately higher on these smaller units. Second, these units – being older – are located on 


sites of limited area and restricted access. Consequently, these sites may not be amenable to retrofit of 


control equipment, without relocating other components. The limited space also restricts labor 


productivity and extends construction time. As a consequence, for FGD, the absorber towers are 


located further from the unit, requiring longer ductwork runs. 
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SECTION 5 


 


FLUE GAS DESULFURIZATION COSTS 
 


 


This section presents capital and operating costs for wet and dry FGD process equipment. 


FGD CAPITAL COST 


The capital costs for both wet and dry FGD process equipment are discussed in this section. 


Wet FGD 


Figure 5-1 depicts installed capital cost as a function of generating capacity for wet limestone-based 


FGD. The units depicted all employ limestone reagent, forced oxidation treatment of byproduct, 


deliver at least 97% SO2 removal, and are equipped with mist eliminators. The influence of design or 


operating conditions different from those stated will impact cost, especially due to variations in inlet 


SO2 and the subsequent impact on solids byproduct handling equipment. In addition, some of the cost 


data are derived from two or more identical units installed at one site, and thus reflect an economy-of-


scale for engineering and procurement. The cost reported in Figure 5-1 includes both contracted and 


staff engineering charges, and financing of construction. 


 


Figure 5-1 depicts two curves, based on when the FGD process started commercial service. All costs 


are reported on a 2008-dollar basis. One curve (Curve A) represents units starting commercial 


operation after January 2008, and includes several units scheduled for a 2010 startup. This curve, based 


on 20 data points for the 2008-2010 startup dates, suggests a modest economy of scale with larger 


generating capacities, enabling lower unit cost. Figure 5-1 also shows a cost curve (Curve B) similarly 


based on 20 data points (not shown for simplicity) for units that began commercial operation between 


2004-2007, relating capital cost and generating capacity. The “midpoint” of these latter cost data is 


2005. 


 


Comparing the two curves in Figure 5-1 shows capital cost increased from the 2004-2006 to the 2008-


2010 timeframe. Specifically, Curve B shows wet FGD capital cost for a 500 MW unit retrofit in the 


2004-2006 timeframe escalated from $342/kW to $407/kW – an increase of $65/kW over a mean time 


period of 4 years. The difference equates to an escalation of approximately $16/kW per year. At this 


rate of escalation, an FGD process installed for a 2015 startup on a 500 MW unit will require about 


$470/kW (in 2008 dollars).   
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Figure 5-1.  Wet FGD Process Equipment Cost:  Various Sources 


Dry FGD 


Figure 5-2 depicts installed capital cost presented as a function of generating capacity, for dry lime-


based FGD. The costs for all units with a lime-based spray dryer absorber (SDA) include a secondary 


fabric filter particulate collector. Most SDA equipment is designed for 93-95% SO2 removal. For these 


designs, fly ash is removed in the existing particulate control device (an ESP in all cases), so ash 


handling and disposition is the same as prior to retrofit. 


 


Figure 5-2 shows the estimated capital costs for eleven units evaluated for retrofit to a Midwestern 


utility operator. Similar to the case for wet FGD, these costs are expressed in 2008 dollars, and reflect 


a ready-to-operate FGD process accounting for all direct and indirect charges. For three dry FGD units 


that were actually constructed, the incurred costs are reported. 
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Figure 5-2.  Dry FGD Process Equipment Cost: Various Sources 


 


The dry FGD equipment costs reported do not suggest increases with time. However, the basic process 


equipment is the same as required for wet FGD, and escalation forces should be the same. 


Consequently, the same escalation rate of 19% over four years is assumed for dry FGD. These data 


suggest the capital cost of a 500 MW unit completed in late 2014 for process startup in 2015 would be 


approximately $385/kW. 


 


Small units are particularly prone to escalated FGD cost, as fixed costs for items such as engineering 


and reagent preparation equipment are disproportionately borne by the limited plant output. An 


example of how capacity and market timing affects cost is presented by the case for PSHN Merrimack 


Units 1 and 2, where about $1,000/kW is projected for FGD to treat flue gas from both units. The site 


and market conditions are unique; so much that this value is not included in Figure 6-1. The small size 


of Units 1 and 2 (115 and 320 MW, respectively), the extensive ductwork to service both units, gas fan 


upgrades, enclosures for cold-weather maintenance, waste water treatment system, restricted site for 


equipment installation and construction, and strong market forces are responsible for the high cost. 


Notably, in 1993 Unit 2 was the first coal-fired generator in the U.S. retrofit with SCR. The conditions 


in 1993 under which the SCR reactor for Unit 2 was designed and installed featured aggressive pricing 


by early entrant suppliers, available materials and labor, and an accessible site. These conditions, 


which enabled Merrimack Unit 2 to acquire SCR for the lowest cost reported in the U.S., are the 


complete opposite for the acquisition of wet FGD. 
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OPERATING COST 


Operating cost is defined in several ways – total operating cost per unit of capacity per year, 


normalized to power generated, or per unit of emission species removed. 


 


Figure 5-3 is a reproduction of a graphic describing the range of various FGD operating cost 


components as presented at the November 2006 PowerGen conference (Sargent & Lundy, 2006). 


Figure 5-3 compares (for a 500 MW plant) the various contributors to total operating cost for a 


limestone-based wet FGD process, designed for 95-97% SO2. Total O&M ranges from approximately 


$15 to $38/kW/yr, and is almost equally comprised of fixed and variable components. As noted in 


Figure 5-3, limestone reagent cost for this size of unit varies in direct proportion to the amount of 


sulfur in the coal. Other operating cost components directly related to sulfur content include operating 


and maintenance labor, and byproduct management.  


 


 
 


Figure 5-3.  Range of Wet FGD Operating Costs for 500 MW Units  


(after Sargent & Lundy, 2006) 


 


The capital cost ranges in Figures 5-1 and 5-2, when combined with operating costs escalated to a 2008 


year basis, provide an indicator of FGD cost-effectiveness, or the cost per ton of SO2 removed. Figure 


5-4 presents the cost per ton of SO2 removal for a hypothetical 500 MW unit, utilizing a limestone 


based forced oxidation process. Calculations are reported for coals such as PRB, with low sulfur 


content, and include Pennsylvania and Ohio coals with 2.6% and 3.4% sulfur content, respectively. 


These coals present an uncontrolled sulfur content of 0.90, 4.0, and 5.8 lbs SO2/MBtu. Figure 5-4 


presents results based operating costs similar to Figure 5-3, and calculated for the specific coal 


composition. It is possible that higher operating costs may be incurred that reflect higher labor rates 
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and other site-specific factors, such as reagent transportation. Figure 5-4 results also assume a 15-year 


book life (i.e., cost recovery period) and thus a capital recovery factor of 0.12. 


 


For the Pennsylvania and Ohio coals, the unit cost of SO2 removal is generally between $250 and 


$600/ton, exceeding $500/ton for the Pennsylvania coal when capital cost reaches $375/kW. Unit SO2 


removal cost approaches $500/ton for the Ohio coal as the capital cost exceeds $450/kW. For PRB 


coal, the same capital cost increase will elevate SO2 removal cost from approximately $1,600 to 


$2,500/ton. The costs will change in proportion to the sulfur content of the fuel. 


 


 


 


Figure 5-4.  SO2 Removal Cost per Ton ($/Ton), Year 2008 Basis 
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SECTION 6 


 


SCR NOX COST 
 


 


This section presents capital and operating costs for SCR NOx control.  


SCR CAPITAL COST 


Figure 6-1 summarizes the reported capital cost for over fifty SCR installations, some installed as early 


as 2000, and includes estimates for process equipment presently under construction. All costs are 


reported on the basis of 2008 dollars, include both staff engineering and owners‟ engineering charges, 


and financing charges (AFDC). Regarding process design, it should be cautioned that not all data 


represent comparable cases – the inlet NOx removal, fuel type, outlet NOx design level, number of 


catalyst layers, and reactor arrangement differ for most of the installations represented. However, the 


general trend in cost is believed to be an accurate reflection of the industry average.  


 


Figure 6-1 reports cost incurred over four discrete time periods. These include the time periods for the 


years (a) pre-2000, reflecting the most early projects, (b) 2000-2002, reflecting the initial class of units 


installed prior to broad SIP-Call compliance, (c) 2003-2004, reflecting units installed during the height 


of the SIP-Call compliance, and (d) 2008-2010, reflecting units recently installed or presently under 


construction. A polynomial curve is fit to all data except that for the 2000-2002 timeframe, the latter 


excluded for graph clarity. 


 


The data in Figure 6-1 reveal the cost penalty incurred by the smaller generating units is more acute for 


SCR retrofit to the most recent units; specifically, retrofitting SCR to the smallest units (<300 MW) 


compared to the largest units (>500 MW) incurs a relatively large cost penalty. 


COST ESCALATION 


The data presented in Figure 6-1 can be used to infer the escalation in cost experienced for the installed 


SCR process equipment over time. For each of the four time periods presented in Figure 6-1, the 


average installed capital cost was determined. Specifically, the average capital cost was determined for 


the units within each group. The difference in the average cost – all corrected to a 2008-dollar basis – 


suggests the cost escalation. 


 


Figure 6-2 presents the difference in costs for the four periods, suggesting an escalation of $140/kW 


over the 12 year period, or about $12/kW per year. This trend can be anticipated to continue in to 2015, 


as the evolution to installing SCR at smaller, more complex sites continues.   
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Figure 6-1.  Capital Cost of SCR Process Equipment vs. Generating Capacity:  


Four Time Periods 


 


 


Figure 6-2.  Increase in SCR Capital Cost Based on Four Time Periods (Three Increments) 
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Capital cost escalation of approximately $12/kW per year is apparent with SCR process equipment 


installed since 2000. In addition to the escalation in the basic cost of materials and labor, the 


complexity of the sites to which equipment is retrofit is believed to have increased. Although there is 


no index of site complexity that can be referenced, the average size of the generating unit retrofit has 


decreased. Specifically, Figure 6-3 presents the average generating capacity of the unit retrofit versus 


the startup year and shows a small but consistent decrease in the average generating capacity. This 


average capacity of units retrofit with SCR decreased from approximately 600 MW for the first wave 


of retrofits, to approximately 450 MW for those units deploying SCR in 2012.  


 


 


Figure 6-3.  Average Generating Capacity of Unit Retrofit with SCR vs. Installation Date 


 


An example of how the role of market forces and site characteristics affect SCR cost is demonstrated 


by the case of the Associated Electric Cooperative (AEC) SCR installations at the New Madrid and 


Thomas Hill generating stations. 


 


AEC was as an early adopter of SCR in the U.S., specifically to the challenging case of cyclone 


boilers, fired by PRB coal. Units 1 and 2 of the New Madrid station retrofit SCR in 2001 and 2002, 


respectively. These units were designed and constructed by a leading engineering firm, and have 


proved to be capable designs. AEC was able to exploit market forces at the time – an evolving SCR 


market, with strong competition from numerous suppliers and service providers – and retrofit each 680 


MW unit for less than $100/kW (2008 dollar basis). Figure 6-4 depicts the site and layout of the New 


Madrid SCR-equipped units, showing the available space for the SCR reactors.  







Capital Cost and Cost-Effectiveness: 


Power Plant Emissions Control Technologies 


 


6-4 


 


 


 


Figure 6-4.  Site Layout for Associated Electric Cooperative’s New Madrid Station, Units 1  


and 2.  (SCR reactors denoted within red circle) 


 


In 2008, AEC completed construction of three SCR reactors for each of Thomas Hill Units 1-3. Units 1 


and 2 are cyclone boilers, fired by PRB, similar to New Madrid. The small generating capacity of these 


units (180 and 285 MW for Units 1 and 2, respectively), the limited space to locate the reactors, and 


restricted access all serve to elevate construction cost. Figure 6-5 depicts the site and layout of the 


Thomas Hill station, identifying the SCR reactors for Units 1 and 2. 


 


AEC was not able to replicate the favorable market conditions encountered when the New Madrid 


units were built; notably the process supplier that provided attractive terms for New Madrid has 


withdrawn from the market. The demand for components, materials, and construction labor incurred 


during 2007 and 2008 timeframe exceeded that for the timeframe when the New Madrid units were 


constructed. As a consequence of these conditions, the capital cost to retrofit SCR for these units 


averages $300/kW – essentially three times the cost of New Madrid units. That an SCR-experienced 


owner such as AEC incurred these costs at Thomas Hill – while expending the same diligent effort as 


at New Madrid – demonstrates the strong role of market forces and site conditions in controlling 


technology costs.  
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Figure 6-5. Site Layout for Associated Electric Cooperative’s Thomas Hill Station, Units 1  


and 2.  (SCR reactors denoted within red circle) 


OPERATING COST 


Operating costs for SCR processes consist mostly of replacement catalyst and ammonia-based reagent. 


Each of these cost components has increased significantly in the last 10 years. In the early stages of 


SCR operation, catalyst replacement was the dominant component of operating cost. In the last ten 


years, a decrease in catalyst cost and escalating natural gas (and thus ammonia) prices have inverted 


this relationship, so that for most units reagent supply dominants operating cost. Fixed operating and 


maintenance costs are generally small compared to these two components, and typically are less than 


1% of total capital, incurred annually.  


 


Factors affecting catalyst and reagent supply and reagent cost are discussed subsequently.  


SCR Catalyst 


Historically, supply of catalyst comprised the largest operating component of SCR NOx control. The 


unit cost of catalyst has greatly decreased since the early 1980s. Further, the ability to regenerate or 


rejuvenate catalyst for approximately 50% of new product price restrains price.  


 


Figure 6-6 presents the unit price of catalyst since the early 1980s, corrected to a 2008-dollar basis, 


showing a decrease in unit price by a factor of five since the earliest commercial bids. The minimum 


price of near $4,000/m
3
 first occurred in 2005, and prices approximating this level continue today.  
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Figure 6-6.  History of SCR Catalyst Prices: 1980- 2008 (2008 Dollar Basis) 


 


Limited catalyst availability, requiring orders to be placed almost one year in advance, was observed in 


recent years as many operators prepared seasonal SCR reactors for annual operation, which included 


supplementing or replacing existing catalyst layer. However, catalyst prices remain in the approximate 


range of $5,000-6,000/m
3 


and are anticipated to remain in this range during the next 5 years.   


 


The consequence of the catalyst price decrease is that catalyst procurement no longer dictates SCR cost 


as it has in the past. In fact, catalyst management decisions at present can exploit low prices to insure 


the reactor has adequate catalyst activity, to confine catalyst replacement to major outages, avoiding 


unit shutdown for the purpose of catalyst addition or exchange.  


Reagent 


Any savings in SCR operating cost due to catalyst price decreases have been offset by escalation in 


delivered price of ammonia-based reagent. SCR operators can choose from four types of ammonia-


based reagent:  anhydrous ammonia, aqueous ammonia of 19.5% NH3 content or 29% NH3 content, or 


urea. For the purposes of this discussion, anhydrous ammonia will be discussed as an example, 


recognizing that the alternative reagent forms are equally viable.   
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The cost of anhydrous ammonia is as much as 80-90% determined by the cost of natural gas feedstock. 


In late 2008, the cost for anhydrous ammonia for both agricultural and industrial uses jumped to well 


in excess of $600/ton for many suppliers. The moderation in natural gas prices and muted demand in 


the global economy has allowed ammonia reagent prices to relax from these 2008 highs. An industry 


report (CRU, 2009) predicts the price of anhydrous ammonia as-delivered to Tampa, Florida, to be 


approximately $300-350/ton for the early portion of 2010. This cost is consistent with a delivered cost 


to generating stations for anhydrous ammonia of $400/ton, the same as the level experienced in 2007. 


Example Operating Cost 


The operating and maintenance cost for an SCR process can be developed (for a hypothetical 500 MW 


unit), based on assumptions in Table 6-1 that define the conditions of operation. These are:   


 


Fixed O&M.  Spare parts and support for miscellaneous duties that must be executed regardless of unit 


operation are assumed to require 0.50% of process capital.   


 


Catalyst Supply.  Catalyst supply cost is determined by long-term purchases from which an annual-


equivalent average can be calculated. The long-term purchases are dictated by catalyst addition to the 


empty spare layer, and replacement of existing layers. For an SCR reactor employing a 2+1 catalyst 


arrangement, an initial space velocity of 3,200 1/h, and a 16,000 hour period for an initial operating 


guarantee, the purchase of one layer for every 16,000-20,000 operating hours may be required, 


depending on the process design and fuel type. Operating experience through 2009 suggests this 


catalyst management strategy, typical of initial assumptions adopted by many operators, is proving to 


be a best-case scenario, and that greater volumes of catalyst are required, or more frequent catalyst 


changeout is needed. 


 


Reagent Cost.  The purchase of anhydrous ammonia for 90% NOx removal from 0.35 lbs/MBtu, at 


85% capacity factor, defines the reagent cost. A delivered price of $400/ton is assumed. 


 


Auxiliary Power.  Auxiliary power for an additional 6 inch water gauge (w.g.) flue gas pressure drop is 


assumed – 5 inch w.g. for the process flange-to-flange, and an additional 1 inch w.g. across the air 


heater.   


 


Catalyst Cleaning.  Sootblower consumption of 0.2% of the plant steam output is adopted; this steam is 


assigned a cost of $1/MBtu. Many new SCR installations employ acoustic horns for cleaning, which 


require less auxiliary power.  


 


Operating Staff.  The addition of one operator is assumed for maintenance of the above components. 


Also, a part time (25%) engineer to assess operation and evaluate data is assumed. The need to account 


for additional staff due to SCR is highly variable; some owners report additional operating or 


engineering staff is not added for these purposes. However, these assumptions are adopted to account 


for operations and staff duties that did not exist prior to SCR.   


 


The capital cost observed in Figure 6-1, when combined with updated operating costs in Table 6-1, 


provides an indicator of SCR cost-effectiveness, or the cost per ton of NOx removed. Figure 6-7 


presents the cost per ton of NOx removal for a hypothetical 500 MW unit, utilizing a 2+1 catalyst 


arrangement, with an initial NOx input of 0.38 lbs/MBtu, as a function of SCR capital cost. 
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Calculations are reported for an eastern bituminous coal with approximately 0.38 lb/MBtu furnace NOx 


exit, and a PRB-fired unit assumed to produce 0.20 lb/MBtu. Results presented in Figure 6-7 for the 


eastern bituminous coal employ operating cost in Table 6-1, while calculations for PRB coal employ 


lower cost for reagent use and catalyst consistent with lower inlet NOx. Figure 6-7 results also assume 


a 15-year book life (i.e., cost recovery period) and thus a capital recovery factor of 0.12. 


 


Table 6-1.  Key SCR Operating Cost Components:  500 MW Reference Plant  


($150/kW Capital, 2008 Dollar Basis) 


 


Operating Cost 


Component 


Basis Annual Cost for  


500 MW ($/yr) 


Annual Cost for  


500 MW 


(mills/kWh) 


Fixed O&M 0.5% of Process Capital 150,000 0.04 


Labor Operators/Part-time Engineer 125,000 0.03 


Fuel Cost Auxiliary Steam 100,000 0.02 


Reagent 90% NOx removal (from 0.38 


lb/MBtu) 


885,000 0.25 


Auxiliary power 6 in. w.g. total @ $20/MWh 265,000 0.07 


Catalyst Supply 16,000 hr guarantee for 2+1 


reactor 


675,000 0.15 


Total 2,200,000 0.59 


 


 


 


Figure 6-7.  NOx Removal Cost per Ton ($/ton), Year 2008 Basis. 
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For the eastern bituminous coal, an increase in capital cost from $100/kW to $300/kW elevates the cost 


of NOx removal from $1,200 to more than $3,200/ton. For the PRB coal, with lower inlet NOx rate and 


lower operating costs, the same capital cost increase elevates NOx removal cost from approximately 


$2,300 to more than $6,000/ton. The costs will change in proportion to the boiler NOx generated. 
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SECTION 7 


 


CONCLUSIONS 
 


 


The escalation in cost to acquire and retrofit environmental control equipment has moderated from the 


rates in 2007 and 2008. Two factors are responsible for this outcome. First, the moderated demand for 


goods in response to a slower world-wide economy has lowered prices for most components of 


finished goods. Delivered prices for some goods are unchanged, while others are reduced by 10-20% 


from the 2007 and 2008 highs.   


 


Second, the skilled labor pool for which shortages in 2007 and 2008 limited the rate of project 


completion is in less demand. For most skilled trades, labor prices have not decreased, but continue to 


escalate at modest rates of 1-2% annually. The productivity in deploying this labor will likely be 


higher, due to the improved skill and experience of the average available worker. 


 


The capital cost of retrofitting either wet FGD or SCR increased over the recent 4-year period, from 


about 2005 through 2009, and specifically for a 500 MW plant, by approximately $50-65/kW. This 


same rate of cost escalation is anticipated to continue for the next 4-6 years, elevating the cost of 


equipment installed in 2014 and 2015 for a CAIR Phase 2 mandate and the anticipated HAPs MACT 


rule. 


 


Two reasons suggest why installed cost will continue to escalate despite the world-wide economic 


slowdown. First, the $50-65/kW increase represents an average since approximately 2005; price and 


schedule pressures existed prior to the 2007 and 2008 increases. In 2009, material prices have 


moderated but not significantly, while labor escalation continues. 


 


Second, the remaining units to be retrofit feature more complicated sites. These units are smaller in 


generating capacity, and frequently represent single-unit installations that cannot share common 


facilities, such as reagent preparation, byproduct handling and storage, and a wet stack. Further, the 


layout of the host sites will be more compact, with greater interference from existing equipment, 


requiring a more complex and labor-intensive design.  
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I. Summary 
 
The current Rule 2201 Best Available Control Technology (BACT) cost effectiveness 
thresholds were incorporated into the San Joaquin Valley Air Pollution Control District’s 
(SJVAPCD) BACT policy upon formation of the SJVAPCD in 1991.  The cost 
effectiveness thresholds used by the SJVAPCD have not been updated since that time. 
 
In a November 2005 report on their 2003 program review of the SJVAPCD, the 
California Air Resources Board (CARB) indicated that the SJVAPCD’s BACT cost 
effectiveness thresholds were substantially lower than other Districts with similar or 
better air quality status and suggested that the cost effectiveness thresholds be 
increased. 
 
Although SJVAPCD staff has not seen differences in the results of BACT analyses 
when compared to other air Districts, in our 2006 response to the CARB program review 
we made a commitment to CARB to form a workgroup of SJVAPCD staff, industry 
representatives, environmental and community group representatives to investigate 
CARB’s concerns and recommend SJVAPCD action, if appropriate, to the Air Pollution 
Control Officer. 
 
Members of the workgroup included District staff, industry representatives Daryl 
Gunderson of Aera Energy, Chris Savage of E & J Gallo, and Roger Isom of California 
Cotton Ginners and Growers Association; and environmental and community group 
representatives Sarah Jackson of Earthjustice, Carolina Simunovic of Fresno Metro 
Ministry, and Caroline Farrell of Center on Race, Poverty and the Environment.  CARB 
and EPA staff were invited to participate in this process; each provided verbal or written 
comments. 
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The proposed updates are the result of the workgroup’s collaborative effort, careful 
discussion, and detailed analysis over several months in 2007.  The investigations of 
this group confirmed overall impressions that there are no significant differences in the 
results of SJVAPCD’s past BACT analyses when compared to other Districts.  One 
conclusion was that the SJVAPCD’s cost effectiveness thresholds are not directly 
comparable to those of other Districts because the method in which the calculated 
emission reduction is determined is inherently different. 
 
By way of explanation, the SJVAPCD’s comparatively low cost effectiveness thresholds 
are offset by the method in which the SJVAPCD calculates the emission reduction due 
to installation of technologically feasible control equipment. The SJVAPCD’s current 
methodology calculates the emission reduction due to installing technologically feasible 
control equipment on equipment available on a nationwide basis.  Equipment available 
on a nationwide basis typically has higher emissions than that allowed by SJVAPCD 
rules. 
 
As a result, the calculated emission reduction due to installing technologically feasible 
control equipment is relatively large, making the cost effectiveness of such control 
equipment relatively low, using the standard cost effectiveness equation: 
 
 cost effectiveness ($/ton) = annualized cost of tech feasible control ($/year) 
          calculated emission reduction (ton/year) 
 
The SJVAPCD’s current relatively low cost effectiveness thresholds are appropriate 
given the typically large emission reductions determined using the SJVAPCD’s current 
emission reduction calculation methodology. 
 
Other Districts with higher cost effectiveness thresholds determine the calculated 
emission reduction due to installing technologically feasible control equipment on 
equipment that is in compliance with the District’s rules.  Such equipment typically has 
lower emissions than that available on a nationwide basis.  In those cases, the 
calculated emission reduction is low, making the cost effectiveness high.  In such cases, 
higher cost effectiveness thresholds are appropriate. 
 
An examination of the BACT guidelines of the SJVAPCD and other Districts revealed 
that the SJVAPCD’s BACT requirements are as stringent or more stringent that those of 
other California Districts.  As such, the SJVAPCD’s current thresholds and emission 
reduction calculation methodology do not result in less stringent BACT requirements. 
 
To address CARB’s concern and to eliminate the appearance of inconsistency when 
compared to other Districts, the workgroup has generally concluded that the cost 
effectiveness thresholds and emission reduction calculation methodology should be 
updated to make the SJVAPCD’s cost effectiveness thresholds and emission reduction 
calculation methodology consistent with that of other Districts. 
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These two changes taken together should not have a significant effect on the outcome 
of the majority of cost effectiveness analyses performed by the SJVAPCD. 
 
II. Current Cost Effectiveness Thresholds And Emission Reduction 


Calculation Methodology 
 
Rule 2201 section 3.9 defines BACT as the most stringent emission limitation or control 
technology that is: 
 


• Achieved in practice for such category and class of source, 
• Required by an EPA approved State Implementation Plan, i.e. required by a Rule 


that has been approved by EPA, 
• Required by a Federal New Source Performance Standard (NSPS), or 
• Is found to be both technologically feasible and cost effective for such class or 


category of sources or for a specific source. 
 
The Rule 2201 definition of BACT is not proposed to be changed. 
 
Please note that if an emission limit or control technology is achieved in practice for a 
category and class of source, required by an EPA approved SIP, or is required by a 
Federal NSPS such control is required regardless of cost.  As such, the cost 
effectiveness analysis process only includes those technologically feasible control 
technologies that are not achieved in practice for a category and class of source, 
required by an SIP, or required by an NSPS requirement.  
 
The cost effectiveness thresholds currently used by the SJVAPCD to determine if a 
technologically feasible control technology is cost effective are as follows: 
 
Pollutant Cost effectiveness ($/ton)
NOx  9,700
CO  300
VOC  5,000
SOx  3,900
PM10  5,700


 
In determining if a technologically feasible control technique is cost effective, the cost 
effectiveness of a particular control technology is compared to the cost effectiveness 
thresholds for a given pollutant.   
 
For example, if the cost effectiveness for NOx control technique A is $6,000/ton, such a 
control technique is determined to be cost effective because its cost effectiveness 
($6,000/ton) is less than the SJVAPCD’s cost effectiveness threshold ($9,700/ton). As a 
result, NOx control technique A would be required. 
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Alternatively, if the cost effectiveness for NOx control technique B is $30,000/ton, such 
a control technique is determined not to be cost effective because its cost effectiveness 
($30,000/ton) is greater than the SJVAPCD’s cost effectiveness threshold ($9,700/ton). 
As a result, NOx control technique B would not be required. 
 
Currently, to determine the cost effectiveness of a particular control technique, the 
annual costs of the control (annualized capital costs plus annual operating costs) are 
divided by the calculated emission reduction due to that particular control technique. 
The emissions reduction is calculated as the difference between emissions from 
equipment available on a nationwide basis and emissions from such equipment 
equipped with technologically feasible control. 
 
Cost effectiveness ($/ton) = 
 
                                        Annual cost ($/year)          
 Emissions (available nationwide) – Emissions (w/ tech feas BACT) (ton/year) 
   
Emissions from equipment used nationwide can be higher than SJVAPCD prohibitory 
rules allow for existing equipment.  As a result the calculated emission reduction can be 
overstated, i.e. the calculated emission reduction can be larger than the actual 
emissions reduced due to installing technologically feasible control on equipment that 
must otherwise meet SJVAPCD prohibitory rule requirements. 
 
III. Survey of other Districts, CARB, and EPA 
 
The workgroup surveyed the South Coast Air Quality Management District (SCAQMD), 
Bay Area Air Quality Management District (BAAQMD), Sacramento Metropolitan Air 
Quality Management District (SMAQMD), Yolo-Solano Air Quality Management District 
(YSAQMD), San Diego County Air Pollution Control District (SDAPCD), California Air 
Resources Board (CARB), and the US Environmental Protection Agency (EPA) for the 
following: 
 


• BACT cost effectiveness thresholds 
• Methodology for calculating the “emission reduction” in cost effectiveness 


analyses 
Survey of cost effectiveness thresholds: 
 


Summary of BACT Cost Effectiveness Thresholds ($/ton) 
 SCAQMD1 BAAQMD SMAQMD YSAQMD SDAPCD2 CARB2 EPA2


NOx  19,100 17,500 24,500 24,500 18,000 N/A N/A
CO  400 N/A N/A 300 N/A N/A N/A
VOC  20,200 17,500 17,500 17,500 10,200 N/A N/A
SOx  10,100 18,300 18,300 3,900 N/A N/A N/A
PM10  4,500 5,300 11,400 5,700 N/A N/A N/A
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Notes: 
1The SCAQMD’s method of amortizing control equipment costs is now inherently different from the 
methods used by the other Districts.  The SCAQMD method tends to result in lower amortized control 
equipment costs (and therefore lower cost effectiveness thresholds).  Because the SCAQMD 
amortization method is inherently different than that used by other Districts, it will not be considered 
further. 
2SDPACD does not have thresholds for CO, SOx, and PM10.  CARB and EPA do not have defined 
thresholds for any air contaminant. 


 
The results of the survey indicate that all other Districts have cost effectiveness 
thresholds much greater than the SJVAPCD for each affected pollutant, except CO. 
 
The average of other District’s cost effectiveness thresholds (except SCAQMD) and the 
% difference from the SJVAPCD’s existing levels are as follows: 
 


Average cost effectiveness thresholds ($/ton) 
NOx CO VOC SOx PM10 
21,100 300 15,700 13,500 7,500 
117% 0% 214% 246% 32% 


 
The highest cost effectiveness thresholds of other surveyed Districts and the % 
difference from the SJVAPCD’s existing levels are as follows: 


 
Highest cost effectiveness thresholds ($/ton) 


NOx CO VOC SOx PM10 
24,500 300 17,500 18,300 11,400 
150% 0% 250% 370% 100% 


 
Survey of emission reduction calculation methodology: 
 
District Emission reduction calculation methodology 
SCAQMD No defined method for determining "emissions without 


controls" emissions in BACT cost analyses.  However, usually 
use the Prohibitory Rule limits to determine industry standard 
emissions. 
 


BAAQMD No defined method for determining "emissions without 
controls" in BACT cost effectiveness analyses.  However, 
usually use the Prohibitory Rule limits to determine industry 
standard emissions. 
 


SMAQMD No defined method for determining "emissions without 
controls" in BACT cost effectiveness analyses.  Case-by-case 
determination is used. 
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District Emission reduction calculation methodology 
YSAQMD No defined method for determining "emissions without 


controls" in BACT cost effectiveness analyses.  Case-by-case 
determination is used.  
 


SDAPCD No defined method for determining "emissions without 
controls" in BACT cost effectiveness analyses.  However, for 
new and modified equipment that has never triggered BACT, 
usually use AP-42 to determine “emissions without controls” 
unless something else makes more sense.  For modified 
equipment that has previously been subjected to BACT, they 
calculate the emission reductions from the currently permitted 
emission rate. 
 


CARB No guidance available 
EPA General guidance is the “emissions without controls” is the 


realistic upper boundary of uncontrolled emissions, i.e. the  
highest emitting operation that the facility would use (in the 
absence of a rule requirement).  
 


 
When performing a cost effectiveness analysis, most other Districts calculate the 
emission reduction based on the allowable emissions in District Rules, and not on 
emissions from equipment available on a nationwide basis. 
 
IV. Options For Revising The SJVAPCD BACT Policy: 
 
Option #1: Do not change current cost thresholds and emission reduction calculation 


methodology  
 


An examination of the results of SJVAPCD cost effectiveness analyses performed 
using the SJVAPCD’s current thresholds and emission reduction calculation 
methodology and using other Districts’ cost effectiveness thresholds and emission 
reduction calculation methodology revealed that results are typically similar, i.e. the 
current method usually results in BACT requirements no more or less stringent than 
other Districts’ BACT requirements. However, continuing to use the current system 
can result in the impression by oversight agencies and others that the  SJVAPCD’s 
BACT requirements are less stringent than those of other Districts. 
 
Additionally, using “nationwide emissions” in cost effectiveness calculations is 
problematic; the determination of such an emission level is somewhat subjective and 
such equipment can not typically be operated in the SJVAPCD. 
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Option #2: Increase the cost thresholds to the average of the other surveyed Districts 
and change the methodology used in calculating the emission reduction to 
that used by most other Districts, i.e. calculate the emission reductions as 
the difference between emissions required by SJVAPCD rules and 
emissions with technologically feasible controls. 


 
Some of the Districts surveyed have a similar non-attainment status as the 
SJVAPCD (SCAQMD, SMAQMD, and YSAQMD) and others have a lesser non-
attainment status (BAAQMD and SDAPCD).  Districts with better air quality generally 
have lower cost effectiveness thresholds.  As such their cost effectiveness 
thresholds tend to decrease the average cost effectiveness threshold.   


 
Because of the SJVAPCD’s  extreme non-attainment status for ozone and  non-
attainment status for PM2.5, using the average of the other District’s cost 
effectiveness thresholds in the SJVAPCD may not be adequately protective of the 
SJVAPCD’s air quality. 


 
Option #3: Increase the cost thresholds to the highest of the other surveyed Districts 


and change the methodology used in calculating the emission reduction to 
that used by most other Districts, i.e. calculate emission reductions as the 
difference between industry standard emissions (i.e. emissions required 
by SJVAPCD rules) and emissions with technologically feasible controls. 


 
Option #3 is the recommended approach given the SJVAPCD’s extreme non-
attainment status. In addition, using SJVAPCD rule limits (or permitted emission 
limits) as the starting point for calculating emission reductions from installing 
technologically feasible controls is less subjective and is a better estimate of the 
actual emission reduction achievable due to installing technologically feasible 
controls. 


 
V. Proposed Cost Effectiveness Thresholds And Emission Reduction 


Calculation Methodology 
 
The proposed cost effectiveness thresholds (option #3) to determine if a technologically 
feasible control technology is cost effective are as follows: 
 
Pollutant Cost effectiveness ($/ton)
NOx  24,500
CO  300
VOC  17,500
SOx  18,300
PM10  11,400
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Proposed emission reduction calculation methodology: 
 
Cost effectiveness ($/ton) = 
 


                               Annual cost ($/year)          
District Standard Emissions  – Emissions (w/ tech feas BACT) (ton/year)  


 
Annual costs are equal to annualized cost of utilizing technologically feasible BACT 
controls on an emission unit that already meets District standard emissions.   Annual 
costs do not include costs necessary to meet District standard emissions. 
 
For new emission units, District standard emissions are equal to the emissions level 
allowed by applicable SJVAPCD rule requirements once the compliance date, i.e. the 
date at which the emission unit must meet a specific emission requirement, for the rule 
has passed.  For rules with a phased compliance schedule, the earliest compliance date 
which applies to the equipment being analyzed shall be used.  The emission limits in the 
applicable SJVUAPCD prohibitory rule shall be those that the particular emission unit is 
subject to. Please note that if the applicable rule has both a standard and enhanced 
compliance option, the emission level and earliest compliance date required by the 
standard compliance option shall be used. 
 
For existing emission units, District standard emissions are equal to the emissions level 
allowed by the current PTO.   
 
If there is no SJVAPCD prohibitory rule emission limit that applies to the particular new 
emission unit or if the existing emission unit does not have permitted emission limits, 
District standard emissions for the unit are equal to the emissions from similar 
equipment that is commonly available in the District.  In no case shall the emissions 
used be higher than that allowed by State or Federal requirements.  If insufficient 
information is available to make a determination regarding emissions from common 
available equipment in the District, District standard emissions will be estimated based 
on EPA’s Compilation of Air Pollutant Emission Factors (AP-42), or other references as 
determined by the SJVAPCD to be appropriate. 
 








UNITED STATES ENVIRONMENTAL PROTECTION AGENCY

Office of Air Quality Planning and Standards



Research Triangle Park, North Carolina 27711



NOV 19 1987



MEMORANDUM 


SUBJECT: 	 Request for Determination on Best Available Control Technology 
(BACT) Issues -- Ogden Martin Tulsa Municipal Waste Incinerator Facility 


FROM:	 Gary McCutchen, Chief, 
New Source Review Section, SIB, CPDD (MD-15) 


Michael Trutna, Chief,

Air Toxics Program Section, SIB, CPDD (MD-15)



TO:	 J. David Sullivan, Chief, 
ALO Enforcement Section, Region VI (6T-EA) 


This is in response to your October 20, 1987, memorandum requesting assistance in 
clarifying BACT issues for a modification to the existing prevention of significant deterioration 
(PSD) permit for the Ogden Martin Tulsa municipal waste incineration facility. 


As you are aware, no final Agency policy exists as yet on the more general issue of PSD 
permit modifications regardless of the status of the source (operating, under construction, etc.) or 
of the type or magnitude of the change requested. However, we currently plan to have a permit 
modifications package available by the end of this fiscal year. It will more comprehensively 
address the issue of permit modifications, including the group of issues dealing with BACT. In the 
interim, this memorandum addresses only BACT changes for this source and operating sources in 
similar situations. 


First and most important, the source and permitting agency must understand that the 
source is obligated to meet all applicable permit conditions. Conditions in the existing permit 
remain in effect and enforceable until such time as relief may be granted (as in the case of a 
revised permit being issued). Accordingly, it is important to recognize that enforcement actions 
have and will serve as the primary mechanism in ensuring compliance. The BACT guidance 
described in this memorandum is applicable only if EPA finds that the BACT determination in the 
original permit is inappropriate. Any questions on what constitutes appropriate grounds for 
enforcement actions should be referred to Rich Biondi, Stationary Source Compliance Division. 
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The information that you have submitted indicates that on December 23, 1982, a PSD 
permit was issued for the construction and operation of three municipal waste incinerator/boiler 
units, each rated at 230 tons per day of municipal waste. Prior to construction, in February 1984 
and again in May 1984, permit modifications were issued to the source resulting in a final permit 
for the construction of two 375 tons per day incinerator units. The units were constructed in 
conformity with the modified permit and subjected to compliance testing in 1986. Measured 
nitrogen oxides (NOx), sulfuric acid mist (H2SO4) and mercury emissions exceed the permit limit 
by a "significant" amount as defined in 40 CFR 52.21(b)(23)(i). The source has requested that the 
permit be revised to reflect the actual measured emissions of these pollutants. 


You have requested a determination on whether the exceedance of permitted emissions by 
"significant" amounts, or the determination of a new "significant" pollutant by performance testing 
triggers the reopening of the BACT review process for the Ogden Martin facility. If BACT review 
is reopened, which pollutant(s) would be subject, to what degree should the 
limitations and economics of the existing facility come into play, and would the June 25, 1987, 
"Operational Guidance on Control Technology for New and Modified Waste Combustors" apply 
to this facility? 


Based on the information presented, this response assumes that errors, faulty data, or 
incorrect assumptions contained in the original or modified permit applications have resulted in 
what may be inappropriate BACT emission levels and unpermitted significant emissions, and there 
is no indication that the applicant intentionally acted to misrepresent or conceal data in theirE 
original and modified permit applications and BACT analysis. This guidance does not apply to any 
other type of noncompliance scenario. Any time a permit limit founded in BACT is being 
considered for revision, a corresponding reevaluation (or reopening) of the original BACT 
determination is necessary. This is necessary even if the permit limit is exceeded by less than a 
"significant" amount. The significance levels in the PSD regulations define applicability cutoffs 
and are not to be used when evaluating source compliance with PSD permit limits. 


As discussed above, and prior to any attempt to revise or readjust an existing BACT limit, 
the source has an initial obligation to comply with the permit. At a minimum the source should be 
required to investigate and report to the permitting agency all available options to reduce 
emissions to a lower (if not the permitted) level. If compliance with the permit can be reasonably 
achieved, the source should be required to take steps to reduce emissions. If sufficient emission 
reductions down to the permitted level cannot be reasonably achieved, then a reevaluation of the 
permit may be warranted. In the process of reevaluating BACT, current BACT technology 
and requirements must be considered. For municipal waste combustors, the June 26, 1987, 
"Operational Guidance on Control Technology for New or Modified Municipal Waste 
Combustors" would apply; however, in this case, where the source is already operating, certain 
retrofit costs and other costs associated with an already existing facility may be considered. 
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For H2SO4, if potential emissions cannot be reduced below the significance level, a PSD 
review is required and the results must be incorporated in the source's PSD permit. As with NOx 
and mercury emissions, the BACT analysis considers current technology and requirements while 
weighing the additional retrofit costs and other costs associated with an already existing 
facility. 


If a revision to the permit is determined to be appropriate, the revision must also address 
all other PSD requirements which may be affected by an allowable increase in permitted or newly 
regulated emissions (eg., protection of the standards and increments, additional impacts, 
monitoring) The control of emissions of toxic air pollutants is an important aspect of PSD review. 
This memorandum does not address potential air toxics issues. Questions on those matters may be 
addressed to Mike Trutna at FTS 629-5345 or Kirt Cox at FTS 629-5399, of the Air Toxics 
Programs Section. 


The revised permit, just like the initial permit, must also go through a public review period 
before it may be issued. 


If you have any questions regarding this matter, please have your staff contact David 
Solomon of the New Source Review Section at 629-5375. 


cc: 	 Richard Biondi 
Judith Katz 
Greg Foote 







UNITED STATES ENVIRONMENTAL PROTECTION AGENCY 
REGION VI 


ALLIED BANK TOWER AT FOUNTAIN PLACE

1445 ROSS AVENUE



DALLAS, TEXAS 75202

REPLY TO:6T-EA 


MEMORANDUM: 


DATE: October 20, 1987 


SUBJECT: 	 Request for Determination on BACT Issues - Ogden Martin Tulsa 
Municipal Waste Incineration Facility 


FROM:	 J. David Sullivan, Chief 
ALO Enforcement Section (6T-EA) 


TO:	 Gary McCutchen, Chief 
Control Programs Development Division 
New Source Review Section (MD-15) 


Michael Trutna, Chief

Control Programs Development Division

Air Toxics Program Section (MD-15)



I request your assistance in clarifying BACT issues associated with the application for a 
modification to the existing PSD permit for the Ogden Martin Tulsa Municipal Waste Incineration 
Facility. Performance tests conducted in 1986 indicated that actual emissions of nitrogen oxides, 
mercury, and sulfuric acid mist exceeded PSD permit limits, and the facility has requested permit 
modifications to increase allowable emissions to those measured. I am attaching relevant 
correspondence and portions of Ogden Martin's application to modify its PSD permit. 


The measured NOx, H2SO4 and mercury emissions exceeded the permitted limit by a 
"significant" amount as defined by 40 CFR Section 52.21(b)(23)(i). H2SO4 emissions were 
previously permitted at 5.5 tons per year, which is below the significance level of 7 tons per year. 
The emission rate for H2SO4 determined by performance tests was 42.5 tons per year. Thus, the 
facility had not previously been reviewed for BACT for H2SO4. NOx and mercury emissions had 
previously undergone BACT review for the permitted levels. HCl emissions were determined by 
performance tests to be 504 tons per year. 


We request a determination on whether the exceedance of permitted emissions by 
"significant" amounts, or the determination of a new "significant" pollutant by performance testing 
triggers the re-opening of the BACT review for Ogden Martin. If BACT review is reopened, 
which pollutant(s) would be subject, to what degree should the limitations and **/ 


**/ [The remainder of this memo is missing.] 
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The current and future projected cost of new electricity generation capacity is a critical input into 
the development of energy projections and analyses.  The cost of new generating plants plays an 
important role in determining the mix of capacity additions that will serve growing loads in the 
future.  New plant costs also help to determine how new capacity competes against existing 
capacity, and the response of the electricity generators to the imposition of environmental 
controls on conventional pollutants or any limitations on greenhouse gas emissions.  
 
The current and projected future costs of energy-related capital projects, including but not 
limited to new electric generating plants, have been subject to considerable change in recent 
years. EIA updates its cost and performance assumptions annually, as part of the development 
cycle for the Annual Energy Outlook (AEO).  For the AEO2011 cycle, EIA commissioned an 
external consultant to develop current cost estimates for utility-scale electric generating plants.1  
This paper briefly summarizes the design of the project and provides a summary of its main 
findings, including a comparison of the new estimates to those used in AEO2010.   The final 
section discusses how EIA uses information on cost and other factors in modeling technology 
choice in the electric power sector.   
 
Developing Updated Estimates:  Key Design Considerations 
 
In order to maximize its value to EIA and external energy analysts, the project focused on 
gathering current information regarding the “overnight”2 cost for a wide range of generation 
technologies, while taking care to use a common boundary in the costing exercise across those 
technologies.   The cost estimates for each technology were developed for a generic facility of a 
specific size and configuration, and assuming a location without unusual constraints or 
infrastructure needs.       
 
Current information is particularly important during a period when actual and estimated costs 
have been evolving rapidly, since the use of up-to-date cost estimates for some technologies in 
conjunction with estimates that are two, three, or even five years old for others can significantly 
skew the results of modeling and analysis.  Where possible, costs estimates were based on 
information regarding actual or planned projects available to the consultant. When this 
information was not available, project costs were estimated by using costing models that account 
for current labor and material rates that would be necessary to complete the construction of a 
generic facility.  
 
The use of a common boundary for costing is also very important.  From experience in reviewing 
many costing studies for individual technologies, EIA is well aware that differences in practices 
regarding the inclusion or exclusion of various components of costs can have a large impact on 
overall cost estimates. This includes the categories of civil and structural costs (e.g., allowance 


                                                 
1 EIA’s electricity modeling includes both combined heat and power (CHP) technologies as well as a variety of 
distributed generation technologies, but those technologies were not addressed in the study, which focused on 
technologies within the electric power sector. 
2 “Overnight cost” is an estimate of the cost at which a plant could be constructed assuming that the entire process 
from planning through completion could be accomplished in a single day.  This concept is useful to avoid any 
impact of financing issues and assumptions on estimated costs.  Starting from overnight cost estimates, EIA’s 
electricity modeling explicitly takes account of the time required to bring each generation technology online and the 
costs of financing construction in the period before a plant becomes operational.   
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for site preparation, drainage, underground utilities, and buildings),  project indirect costs (e.g., a 
construction contingency), and owners costs (e.g., development costs, preliminary feasibility and 
engineering studies, environmental studies and permitting, legal fees, insurance costs, property 
taxes during construction, and the electrical interconnection costs, including a plant switchyard 
and tie-in to nearby transmission).  
 
Summary of updated overnight capital costs estimates and comparison to information used in 
AEO2010 
 
Table 1 summarizes the updated cost estimates for the generic utility-scale generation plants 
represented in EIA’s model, including 7 powered by coal, 6 by natural gas, 3 by solar energy, 2 
each by wind, hydro, biomass, and geothermal power, and 1 each by uranium and municipal 
solid waste.  For some plant types there are several options shown to better represent the range of 
plants that might be built and their costs.  For example, both single unit and dual unit advanced 
pulverized coal plants are shown, because many plants include multiple units and the costs 
associated with the dual unit configuration might better reflect the costs of most plants built.  
Similarly, solar photovoltaic technologies include a relatively small 7 MW system and a much 
larger 150 MW system, because there is such variance in the sizes of the facilities being 
considered.  The nominal capacity of the generic plants ranges from a 7 megawatt (MW) solar 
plant to a 2,236 MW advanced dual-unit nuclear plant, reflecting the significant variation in the 
scale of utility applications.  Each technology is characterized by its overnight capital costs, heat 
rate (where applicable), non-fuel operations and maintenance costs, and, though not shown in 
Table 1, its environmental characteristics.   
 
Table 2 compares the updated overnight cost estimates to those used as inputs to the AEO2010.  
To facilitate comparisons, both are shown in real year 2010 dollars.  Notable changes between 
the updated estimates and the AEO2010 values include: 
 


• Coal & Nuclear: The updated overnight capital cost estimates for coal and nuclear 
power plants are 25 to 37 percent above those in AEO2010. The higher cost estimates 
reflect many factors including the overall trend of rising costs of capital intensive 
technology in the power sector, higher global commodity prices, and the fact that there 
are relatively few construction firms with the ability to complete complex engineering 
projects such as a new nuclear or advanced coal power plant. The study assumes cost-
sharing agreements between the project owner and the project construction contractors 
are reflective of those recently observed in the marketplace. As shown in Table 1, dual 
unit coal and nuclear plants generally have lower overnight costs per kilowatt than single-
unit plants, reflecting their ability to take advantage of redundancies and scale economies 
in onsite infrastructure such as wastewater management and environmental controls to 
reduce the estimated total per-kilowatt cost of the project. 


• Natural Gas: The updated cost estimates for natural gas combined cycle and combustion 
turbines generally remained similar to those of AEO2010.   


• Solar: The overnight capital costs for solar thermal and photovoltaic technologies 
dropped by 25 percent and 10 percent, respectively. The decrease in the cost of 
photovoltaics was due to the assumption of larger plant capacity and falling component 
costs. 
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• Onshore Wind: Overnight costs for onshore wind increased by about 21 percent relative 
to AEO 2010 assumptions.  This is based on a specification for a new, stand-alone wind 
plant including all owners’ costs and may differ from other reported costs in the literature, 
which are not fully characterized and may include sites that are built along side existing 
plants (and are thus able to avoid some amount of infrastructure costs). 


• Offshore Wind: While offshore wind plants have been built in Europe, there have only 
been proposals in the United States, with final permitting only recently issued on the first 
of these proposals.  The updated costs, some 50 percent higher than AEO 2010 estimates, 
are consistent with substantial first-of-a-kind costs that would likely be encountered when 
building projects in the United States, which largely lacks the unique infrastructure, 
needed to support this type of construction. 


• Geothermal: Geothermal costs are highly site-specific, and are represented as such in the 
AEO estimates.  The updated cost estimate is over 50 percent higher than the same site in 
AEO 2010. 


• Biomass: Biomass capital costs are largely unchanged from AEO2010.  However, the 
technology represented by the costs has changed significantly.  Prior estimates were for a 
highly efficient plant employing gasification and a combined cycle generator; the new 
estimate is for a significantly less efficient direct combustion boiler.  The lower operating 
efficiency (and therefore higher operating cost) for the biomass plant considered in the 
updated cost estimate implies a reduced attractiveness of investment in new biomass 
generation at an overnight cost similar to that for the more efficient biomass plant 
characterized in AEO2010. 


 
While estimates of the current cost of generic electric generation capacity of various types are 
one key input to EIA’s analysis of electricity markets, the evolution of the electricity mix in each 
of the 22 regions to be modeled in AEO20113 is also sensitive to many other factors, including 
the projected evolution of capital costs over the modeling horizon, projected fuel costs, whether 
wholesale power markets are  regulated or competitive, the existing generation mix, additional 
costs associated with environmental control requirements, load growth, and the load shape.  
Almost all of these factors can vary by region, as do capacity factors for renewable generation, 
operations and maintenance costs associated with individual plants, and cost multipliers applied 
to the generic estimates of overnight capital costs outlined in Tables 1 and 2.  The next section 
provides a brief overview of some of the relevant issues, which are described in more detail in 
the description of the Electric Market Module included in the 2010 edition of the documentation 
for EIA’s National Energy Modeling System. 
         
EIA’s Analysis of Technology Choice in the Electric Power Sector 
 
Estimates of the overnight capital cost of generic generating technologies are only the starting 
point for consideration of the cost of new generating capacity in EIA modeling analyses.  EIA 
also considers regional variation in construction costs, the structure of wholesale power markets 
that affect financing costs, the length of time required to bring each type of plant into service, 
and the capacity availability factors for solar and wind generation plants.  EIA also accounts for 


                                                 
3  In AEO2010 and prior editions, the continental U.S., excluding Alaska, was divided in 13 regions for purposes of 
electricity modeling.   The 22 region model that will be used starting with AEO2011 will allow for better 
representation of policy boundaries and market structure at the State level.   
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three distinct dynamic forces that drive changes in plant cost over time.  One is the projected 
relationship between rate of inflation for key drivers of plant costs, such as materials and 
construction costs, and the overall economy-wide rate of inflation.  A projected economy–wide 
inflation rate that exceeds projected inflation for key plant cost drivers results in a projected 
decline in real (inflation-adjusted) capital costs.  Projected capital costs also reflect projected 
technology progress over time.  Learning-by-doing, which allows for additional reductions in 
projected capital costs as a function of cumulative additions new technologies, has a further 
effect on technology costs.  See the AEO2010 assumptions and model documentation for more 
details.4  
 
Levelized cost is often cited as a convenient summary measure of the overall competiveness of 
different generating technologies. Levelized cost represents the present value of the total cost of 
building and operating a generating plant over an assumed economic life, converted to equal 
annual payments and expressed in terms of real dollars to remove the impact of inflation.  
Levelized costs, which reflect overnight capital cost, fuel cost, fixed and variable O&M cost, are 
a useful indicator of the competitiveness of different generation technologies.  For technologies 
such as solar and wind generation that have no fuel costs and relatively small O&M costs, 
levelized cost changes in rough proportion to the estimated overnight capital cost of generation 
capacity.  For technologies with significant fuel cost, both fuel cost and overnight cost estimates 
significantly affect levelized cost.    Thus, while Table 2 shows little change between the updated 
capital cost estimates for natural gas combined cycle plants and those used in AEO2010, 
improved supply prospects for natural gas that will be incorporated in AEO2011 result in lower 
projected prices that in turn lower the levelized cost of gas-fired generation and improve the 
attractiveness of operating and adding gas-fired generation technologies.   
 
It is important to note, however, that actual investment decisions are affected by numerous 
factors other than levelized costs. The projected utilization rate, which depends on the load 
shape and the existing resource mix in an area where additional capacity is needed, is one such 
factor.  The existing resource mix in a region can directly affect the economic viability of a new 
investment through its effect on the economics surrounding the displacement of existing 
resources.  For example, a wind resource that would primarily back out existing natural gas 
generation will generally have a higher value than one that would back out existing coal 
generation under fuel price conditions where the variable cost of operating existing gas-fired 
plants exceeds that of operating existing coal-fired plants.   
 
A related factor is the capacity value, which depends on both the existing capacity mix and load 
characteristics in a region.  Since load must be balanced on a continuous basis, units whose 
output can be varied to follow demand generally have more value to a system than less flexible 
units or those whose operation is tied to the availability of an intermittent resource.  Policy-
related factors, such as investment or production tax credits for specified generation sources, can 
also impact investment decisions.  Finally, although levelized cost calculations are generally 
made using an assumed set of capital and operating costs, the inherent uncertainty about future 
fuel prices and future policies, may cause plant owners or investors who finance plants to place a 


                                                 
4 Assumptions and model documentation for the 2010 Annual Energy Outlook are available at 
http://www.eia.doe.gov/oiaf/aeo/index.html. 
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value on portfolio diversification.    EIA considers all of these factors in its analyses of 
technology choice in the electricity sector. 
 
In sum, while overnight cost estimates are important inputs for EIA modelers and other analysts, 
they are not the sole driver of the choice among electric generation technologies.   Users 
interested in additional details regarding these updated cost estimates should review the 
consultant study prepared by R.W. Beck for EIA in Appendix A. 
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 Table 1.  Updated Estimates of Power Plant Capital and Operating Costs 


  


Plant Characteristics Plant Costs 


Nominal 
Capacity 


(kilowatts) 
Heat Rate 
(Btu/kWh) 


Overnight 
Capital 


Cost (2010 
$/kW) 


Fixed O&M 
Cost 


(2010$/kW) 


Variable 
O&M 
Cost 


(2010 
$/MWh) 


   Coal 


Single Unit  
Advanced PC 650,000 8,800 $3,167 $35.97 $4.25


Dual Unit  
Advanced PC 1,300,000 8,800 $2,844 $29.67 $4.25


Single Unit Advanced PC with CCS 650,000 12,000 $5,099 $76.62 $9.05


Dual Unit Advanced PC with CCS 1,300,000 12,000 $4,579 $63.21 $9.05


Single Unit IGCC  600,000 8,700 $3,565 $59.23 $6.87


Dual Unit IGCC 1,200,000 8,700 $3,221 $48.90 $6.87


Single Unit IGCC with CCS 520,000 10,700 $5,348 $69.30 $8.04


   Natural Gas 


Conventional NGCC 540,000 7,050 $978 $14.39 $3.43


Advanced NGCC 400,000 6,430 $1,003 $14.62 $3.11


Advanced NGCC with CCS 340,000 7,525 $2,060 $30.25 $6.45


Conventional CT 85,000 10,850 $974 $6.98 $14.70


Advanced CT 210,000 9,750 $665 $6.70 $9.87


Fuel Cells 10,000 9,500 $6,835 $350 $0.00


   Uranium 


Dual Unit Nuclear 2,236,000 N/A $5,335 $88.75 $2.04
   Biomass 


Biomass CC 20,000 12,350 $7,894 $338.79 $16.64


Biomass BFB 50,000 13,500 $3,860 $100.50 $5.00


   Wind 


Onshore Wind 100,000 N/A $2,438 $28.07 $0.00


Offshore Wind 400,000 N/A $5,975 $53.33 $0.00


   Solar 


Solar Thermal  100,000 N/A $4,692 $64.00 $0.00


Small Photovoltaic 7,000 N/A $6,050 $26.04 $0.00


Large Photovoltaic 150,000 N/A $4,755 $16.7 $0.00


   Geothermal 


Geothermal – Dual Flash 50,000 N/A $5,578 $84.27 $9.64


Geothermal – Binary 50,000 NA $4,141 $84.27 $9.64
   MSW 


MSW 50,000 18,000 $8,232 $373.76 $8.33


   Hydro 


Hydro-electric 500,000 N/A $3,076 $13.44 $0.00


Pumped Storage 250,000 N/A $5,595 $13.03 $0.00
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Table 2.  Comparison of Updated Plant Costs to AEO2010 Plant Costs 
 


Table II 


  Overnight Capital Cost ($/kW) Nominal Capacity KWs1 


  
AEO 
2011 


AEO 
2010 


% 
Change 


AEO 
2011 


AEO 2010 


Coal            
Advanced PC w/o CCS $2,844 $2,271 25% 1,300,000 600,000 


IGCC w/o CCS $3,221 $2,624 23% 1,200,000 550,000 
IGCC CCS $5,348 $3,857 39% 600,000 380,000 


Natural Gas      
Conventional NGCC $978 $1,005 -3% 540,000 250,000 


Advanced NGCC $1,003 $989 1% 400,000 400,000 
Advanced NGCC with 


CCS 
$2,060 $1,973 4% 340,000 400,000 


Conventional CT $974 $700 39% 85,000 160,000 
Advanced CT $665 $662 0% 210,000 230,000 


Fuel Cells $6,835 $5,595 22% 10,000 10,000 
Nuclear      
Nuclear $5,339 $3,902 37% 2,236,000 1,350,000 


Renewables      
Biomass $3,860 $3,931 -2% 50,000 80,000 


Geothermal $4,141 $1,786 132% 50,000 50,000 
MSW - Landfill Gas $8,232 $2,655 210% 50,000 30,000 


Conventional 
Hydropower 


$3,078 $2,340 32% 500,000 500,000 


Wind $2,438 $2,007 21% 100,000 50,000 
Wind Offshore $5,975 $4,021 49% 400,000 100,000 
Solar Thermal $4,692 $5,242 -10% 100,000 100,000 


Photovoltaic $4,755 $6,303 -25% 150,000 5,000 
1 Higher plant capacity reflects the assumption that plants would install multiple units per 
site and that savings could be gained by eliminating redundancies and combining 
services. 
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1. INTRODUCTION 
This report presents R. W. Beck, Inc.’s (“R. W. Beck”) performance and cost assessment of 
power generation technologies utilized by the Energy Information Administration (“EIA”) in the 
Electricity Market Module (“EMM”) of the National Energy Modeling System (“NEMS”).  The 
assessment for each of the technologies considered includes the following: 


• Overnight construction costs, construction lead times, first year of commercial 
application, typical unit size, contingencies, fixed and variable operating costs, and 
efficiency (heat rate).  The analysis was conducted to ensure that the overnight cost 
estimates developed for use in the EMM for electric generating technologies are 
consistent in scope, accounting for all costs in the planning and development of a power 
plant including the basic interconnection to the grid at the plant site, but excluding 
financing costs.  


• For emission control technologies, the removal rates for pollutants and other assumptions 
were examined.  


• Review of the regional multipliers that are used to represent local conditions, such as 
labor rates that are included in EMM.  


• Review of assumptions regarding how construction costs decline over time due to 
technological advancement and “learning by doing.” 


• Review of the appropriateness of technology-specific project and process contingency 
assumptions (capturing differences between engineering estimates and realized costs for 
new technologies).  


• Where possible, compare the values used by EIA with those for recently built facilities in 
the United States (“U.S.”) or abroad.  Where such actual cost estimates do not exist, an 
assessment was made between values used by EIA and other analyst estimates, as well as 
vendor estimates. 


• The key factors expected to drive each technology’s costs.  


• Document the source and basis for final recommendations for altering or retaining the 
various assumptions. 


1.1 TECHNOLOGIES ASSESSED 
The following table lists all technologies to be assessed in this project. 
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TABLE 1-1 – LIST OF TECHNOLOGIES FOR REVIEW 


TECHNOLOGY DESCRIPTION COMMENTS 


Advanced Pulverized Coal  650 megawatt-electrical (“MWe”) 
and 1,300 MWe; supercritical; all 
advanced pollution control 
technologies 


Greenfield Installation 


Advanced Pulverized Coal with 
Carbon Capture and 
Sequestration (“CCS”) 


650 MWe and 1,300 MWe; 
supercritical; all advanced 
pollution control technologies, 
including CCS technologies 


Greenfield Installation 


Conventional Natural Gas 
Combined Cycle (“NGCC”) 


540 MWe; F-Class system  


Advanced NGCC 400 MWe; H-Class system  


Advanced NGCC with CCS 340 MWe; H-Class system  


Conventional Combustion 
Turbine (“CT”) 


85 MWe; E-Class turbine  


Advanced CT  210 MWe; F-Class turbine  


Integrated Gasification 
Combined Cycle (“IGCC”) 


600 MWe and 1,200 MWe; F-
Class-syngas system 


 


 


IGCC with CCS 520 MWe; F-Class-syngas system  


Advanced Nuclear 2,236 megawatt (“MW”); AP1000 
PWR Basis 


Brownfield Installation 


Biomass Combined Cycle 20 MWe  Wood Fuel 


Biomass Bubbling Fluidized 
Bed (“BFB”) 


50 MWe Wood Fuel 


Fuel Cells 10 MWe  


Geothermal 50 MWe Dual Flash and Binary  


Municipal Solid Waste 
(“MSW”) 


50 MWe  


Hydroelectric 500 MWe  


Pumped Storage 250 MWe  


Wind Farm – Onshore 100 MWe  


Wind Farm – Offshore 400 MWe  


Solar Thermal – Central Station 100 MWe  


Photovoltaic – Central Station 7 MWe –AC and 150 MWe - AC  
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2. GENERAL BASIS FOR TECHNOLOGY EVALUATION BASIS 
This section specifies the general evaluation basis used for all technologies reviewed herein. 


2.1 R. W. BECK BACKGROUND 
R. W. Beck is an infrastructure consulting firm that has been providing technical and business 
consulting in the energy industry since 1942.  Particularly, R. W. Beck has supported the 
purchase, sale, financing and Owner’s advisory consulting for tens-of-billions of dollars of 
power plants across the world in all commercial power generating technologies as well as many 
emerging technologies.  This background has supported R. W. Beck’s acumen with respect to 
construction costs, operating costs, technology development and evolution, as well as trends in 
environmental regulation and compliance. 


2.2 BASE FUEL CHARACTERISTICS 
This section provides a general fuel basis for each of the fuel types utilized by the technologies 
considered in this report and listed in Table 1-1.  Each of the technologies that combust a fuel 
has the ability to operate over a range of fuels; thus Table 2-1, Table 2-2 and Table 2-3 show a 
typical fuel specification for coal, natural gas, and wood-biomass, respectively.  MSW has such a 
wide range of constituents; a typical analysis is not included here.    
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TABLE 2-1 – REFERENCE COAL SPECIFICATION 


Rank Bituminous 


Seam Illinois No. 6 (Herrin) 


Source Old Ben Mine
Proximate Analysis (weight %) (Note A) 


 As Received Dry 
Moisture 11.12 0.00 


Ash 9.70 10.91 


Volatile Matter 34.99 39.37 


Fixed Carbon 44.19 49.72 


Total 100.00 100.00 


Sulfur 2.51 2.82 


HHV (1), KJ/kg (2) 27,113 30,506 


HHV, Btu/lb (3) 11,666 13,126 


LHV (4), KJ/kg 26,151 29,544 


LHV, Btu/lb 11,252 12,712 


Ultimate Analysis (weight %) 
 As Received Dry 
Moisture 11.12 0.00 


Carbon 63.75 71.72 


Hydrogen 4.50 5.06 


Nitrogen 1.25 1.41 


Chlorine 0.29 0.33 


Sulfur 2.51 2.82 


Ash 9.70 10.91 


Oxygen 6.88 7.75 


Total 100.00 100.00 


(1) High(er) heating value (“HHV”). 
(2) Kilojoules per kilogram (“KJ/kg”). 
(3) British thermal units per pound (“Btu/lb”). 
(4) Low(er) heating value (“LHV”). 
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TABLE 2-2 – NATURAL GAS SPECIFICATION 


Component Volume Percentage 


Methane CH4 93.9 


Ethane C2H6 3.2 


Propane C3H8 0.7 


n-Butane C4H10 0.4 


Carbon Dioxide CO2 1.0 


Nitrogen N2 0.8 


    Total  100.0 


 LHV HHV 
kJ/kg 
MJ/scm (1) 


47.764 
35 


52,970 
39 


Btu/lb 
Btu/scf (2) 


20,552 
939 


22,792 
1,040 


(1) Mega joules per standard cubic meter (“MJ/scm”). 
(2) Standard cubic feet (“scf”). 


 
TABLE 2-3 – WOOD-BIOMASS SPECIFICATION (1) 


Component Volume Percentage 


Moisture  17.27 


Carbon C 41.55 


Hydrogen H2 4.77 


Nitrogen N2 0.37 


Sulfur S <0.01 


Ash  2.35 


Oxygen (2) O2 33.75 


    Total  100.0 


  HHV 
Btu/lb  6,853 


(1) As received. 
(2) Oxygen by Difference. 
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2.3 ENVIRONMENTAL COMPLIANCE BASIS 
The technology assessments considered the emissions rates after implementation of best 
available control technology (“BACT”), including sulfur dioxide (“SO2”), oxides of nitrogen 
(“NOX”), particulate matter, mercury, and carbon dioxide (“CO2”).  With respect to CCS 
technologies, which are not currently considered “proven” or BACT by regulating bodies, 
R. W. Beck assumed capture and sequestration technologies that are currently in development 
for large-scale deployment, as discussed herein, and at industry expected rates of CO2 removal 
(i.e., 90 percent).  


2.4 LOCAL CAPACITY ADJUSTMENTS 
For power plants that use CT technologies, adjustments were made for regional ambient 
conditions.  The adjustments took into consideration that CTs are machines that produce power 
proportional to mass flow.  Since air density is inversely proportional to temperature, ambient 
temperature has a strong influence on the capacity of a given technology utilizing a CT 
(e.g., peaking power plant, combined-cycle power plant, and some gasification power plants).  
Additionally, relative humidity impacts the available capacity of a CT and consequently a 
CT-based power plant, primarily driven by the base assumption that the CT-based technologies 
incorporate inlet evaporative cooling.  By circulating water across a porous media in the CT 
compressor inlet (across which the air flows), the inlet evaporative cooling reduces the difference 
between the ambient dry-bulb temperature (the temperature that is typically reported to the 
public as a measure of “local temperature”) and the wet-bulb temperature (a measure of relative 
humidity).  Since inlet evaporative cooling is limited by the wet-bulb temperature, the 
effectiveness of these devices increases in areas of high dry-bulb temperature and low relative 
humidity.  The final adjustment for ambient conditions made for the CT-based plants is ambient 
pressure, which on average (notwithstanding high or low pressure weather fronts that pass 
through a region) takes into consideration elevation (average number of feet above sea level).  
Air density is proportional to ambient pressure. 


Table 2-4 provides the aggregate capacity adjustment for each location, which provides regional 
differences related to capital costs against the ISO net capacity for the CT-based power plant 
technologies.   
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TABLE 2-4 – CT CAPACITY ADJUSTMENTS 
 


 


 


ISO Capacity Adjusted ISO Capacity Adjusted ISO Capacity Adjusted ISO Capacity Adjusted ISO Capacity Adjusted ISO Capacity Adjusted ISO Capacity Adjusted
Capacity Adjustment Capacity Capacity Adjustment Capacity Capacity Adjustment Capacity Capacity Adjustment Capacity Capacity Adjustment Capacity Capacity Adjustment Capacity Capacity Adjustment Capacity


State City (MW) (MW) (MW) (MW) (MW) (MW) (MW) (MW) (MW) (MW) (MW) (MW) (MW) (MW) (MW) (MW) (MW) (MW) (MW) (MW) (MW)


Alaska Anchorage 85 7.58 92.58 210 18.73 229 540 32.27 572 400 35.67 436 340 30.32 370 600 35.85 636 520 46.38 566
Alaska Fairbanks 85 9.97 94.97 210 24.63 235 540 42.43 582 400 46.91 447 340 39.87 380 600 47.14 647 520 60.98 581
Alabama Huntsville 85 -2.12 82.88 210 -5.23 205 540 -9.01 531 400 -9.96 390 340 -8.46 332 600 -10.01 590 520 -12.94 507
Arizona Phoenix 85 -8.33 76.67 210 -20.59 189 540 -35.47 505 400 -39.22 361 340 -33.34 307 600 -39.41 561 520 -50.98 469
Arkansas Little Rock 85 -1.77 83.23 210 -4.37 206 540 -7.53 532 400 -8.32 392 340 -7.07 333 600 -8.36 592 520 -10.82 509
California Los Angeles 85 -1.77 83.23 210 -4.37 206 540 -7.52 532 400 -8.32 392 340 -7.07 333 600 -8.36 592 520 -10.81 509
California Redding 85 -2.52 82.48 210 -6.21 204 540 -10.71 529 400 -11.84 388 340 -10.06 330 600 -11.90 588 520 -15.39 505
California Bakersfield 85 -3.77 81.23 210 -9.30 201 540 -16.03 524 400 -17.72 382 340 -15.06 325 600 -17.81 582 520 -23.03 497
California Sacramento 85 -0.69 84.31 210 -1.71 208 540 -2.95 537 400 -3.26 397 340 -2.78 337 600 -3.28 597 520 -4.24 516
California San Francisco 85 0.83 85.83 210 2.06 212 540 3.54 544 400 3.92 404 340 3.33 343 600 3.94 604 520 5.09 525
Colorado Denver 85 -12.30 72.70 210 -30.40 180 540 -52.37 488 400 -57.90 342 340 -49.22 291 600 -58.19 542 520 -75.27 445
Connecticut Hartford 85 2.97 87.97 210 7.33 217 540 12.63 553 400 13.96 414 340 11.87 352 600 14.03 614 520 18.15 538
Delaware Dover 85 1.22 86.22 210 3.00 213 540 5.17 545 400 5.72 406 340 4.86 345 600 5.75 606 520 7.43 527
District of Columbia Washington 85 2.01 87.01 210 4.96 215 540 8.55 549 400 9.46 409 340 8.04 348 600 9.50 610 520 12.29 532
Florida Tallahassee 85 -3.00 82.00 210 -7.42 203 540 -12.79 527 400 -14.14 386 340 -12.01 328 600 -14.21 586 520 -18.38 502
Florida Tampa 85 -4.78 80.22 210 -11.80 198 540 -20.34 520 400 -22.49 378 340 -19.11 321 600 -22.60 577 520 -29.23 491
Georgia Atlanta 85 -3.66 81.34 210 -9.05 201 540 -15.59 524 400 -17.24 383 340 -14.65 325 600 -17.32 583 520 -22.41 498
Hawaii Honolulu 85 -6.75 78.25 210 -16.66 193 540 -28.71 511 400 -31.74 368 340 -26.98 313 600 -31.90 568 520 -41.26 479
Idaho Boise 85 -5.52 79.48 210 -13.64 196 540 -23.50 517 400 -25.98 374 340 -22.08 318 600 -26.11 574 520 -33.77 486
Illinois Chicago 85 1.76 86.76 210 4.35 214 540 7.49 547 400 8.28 408 340 7.04 347 600 8.33 608 520 10.77 531
Indiana Indianapolis 85 0.20 85.20 210 0.50 211 540 0.87 541 400 0.96 401 340 0.81 341 600 0.96 601 520 1.24 521
Iowa Davenport 85 1.81 86.81 210 4.47 214 540 7.70 548 400 8.51 409 340 7.23 347 600 8.55 609 520 11.06 531
Iowa Waterloo 85 2.02 87.02 210 4.98 215 540 8.58 549 400 9.48 409 340 8.06 348 600 9.53 610 520 12.33 532
Kansas Wichita 85 -2.91 82.09 210 -7.19 203 540 -12.39 528 400 -13.70 386 340 -11.65 328 600 -13.77 586 520 -17.81 502
Kentucky Louisville 85 -0.20 84.80 210 -0.50 210 540 -0.86 539 400 -0.95 399 340 -0.81 339 600 -0.96 599 520 -1.24 519
Louisiana New Orleans 85 -3.26 81.74 210 -8.05 202 540 -13.87 526 400 -15.34 385 340 -13.03 327 600 -15.41 585 520 -19.94 500
Maine Portland 85 4.72 89.72 210 11.66 222 540 20.08 560 400 22.20 422 340 18.87 359 600 22.31 622 520 28.86 549
Maryland Baltimore 85 1.21 86.21 210 2.98 213 540 5.13 545 400 5.67 406 340 4.82 345 600 5.70 606 520 7.38 527
Massachusetts Boston 85 2.92 87.92 210 7.20 217 540 12.41 552 400 13.72 414 340 11.66 352 600 13.79 614 520 17.84 538
Michigan Detroit 85 2.03 87.03 210 5.00 215 540 8.62 549 400 9.53 410 340 8.10 348 600 9.58 610 520 12.39 532
Michigan Grand Rapids 85 1.97 86.97 210 4.87 215 540 8.39 548 400 9.27 409 340 7.88 348 600 9.32 609 520 12.05 532
Minnesota Saint Paul 85 2.00 87.00 210 4.95 215 540 8.52 549 400 9.42 409 340 8.01 348 600 9.47 609 520 12.25 532
Mississippi Jackson 85 -2.95 82.05 210 -7.30 203 540 -12.58 527 400 -13.90 386 340 -11.82 328 600 -13.97 586 520 -18.08 502
Missouri St. Louis 85 -0.40 84.60 210 -0.98 209 540 -1.68 538 400 -1.86 398 340 -1.58 338 600 -1.87 598 520 -2.42 518
Missouri Kansas City 85 -1.23 83.77 210 -3.04 207 540 -5.23 535 400 -5.78 394 340 -4.92 335 600 -5.81 594 520 -7.52 512
Montana Great Falls 85 -6.00 79.00 210 -14.81 195 540 -25.52 514 400 -28.21 372 340 -23.98 316 600 -28.35 572 520 -36.68 483
Nebraska Omaha 85 0.15 85.15 210 0.36 210 540 0.62 541 400 0.68 401 340 0.58 341 600 0.69 601 520 0.89 521
New Hampshire Concord 85 4.18 89.18 210 10.33 220 540 17.79 558 400 19.67 420 340 16.72 357 600 19.77 620 520 25.57 546
New Jersey Newark 85 1.69 86.69 210 4.18 214 540 7.21 547 400 7.97 408 340 6.77 347 600 8.01 608 520 10.36 530
New Mexico Albuquerque 85 -13.95 71.05 210 -34.46 176 540 -59.37 481 400 -65.64 334 340 -55.79 284 600 -65.97 534 520 -85.33 435
New York New York 85 1.69 86.69 210 4.18 214 540 7.21 547 400 7.97 408 340 6.77 347 600 8.01 608 520 10.36 530
New York Syracuse 85 3.06 88.06 210 7.56 218 540 13.03 553 400 14.41 414 340 12.25 352 600 14.48 614 520 18.73 539
Nevada Las Vegas 85 -9.24 75.76 210 -22.82 187 540 -39.31 501 400 -43.46 357 340 -36.95 303 600 -43.68 556 520 -56.50 463
North Carolina Charlotte 85 -2.41 82.59 210 -5.95 204 540 -10.26 530 400 -11.34 389 340 -9.64 330 600 -11.40 589 520 -14.74 505
North Dakota Bismarck 85 1.02 86.02 210 2.53 213 540 4.36 544 400 4.82 405 340 4.09 344 600 4.84 605 520 6.26 526
Ohio Cincinnati 85 1.45 86.45 210 3.58 214 540 6.16 546 400 6.81 407 340 5.79 346 600 6.85 607 520 8.85 529
Oregon Portland 85 2.02 87.02 210 5.00 215 540 8.61 549 400 9.51 410 340 8.09 348 600 9.56 610 520 12.37 532
Pennsylvania Philadelphia 85 1.88 86.88 210 4.65 215 540 8.00 548 400 8.85 409 340 7.52 348 600 8.89 609 520 11.50 532
Pennsylvania Wilkes-Barre 85 1.07 86.07 210 2.64 213 540 4.55 545 400 5.03 405 340 4.27 344 600 5.05 605 520 6.54 527
Rhode Island Providence 85 3.16 88.16 210 7.82 218 540 13.47 553 400 14.89 415 340 12.66 353 600 14.96 615 520 19.36 539
South Carolina Spartanburg 85 -2.32 82.68 210 -5.73 204 540 -9.88 530 400 -10.92 389 340 -9.28 331 600 -10.98 589 520 -14.20 506
South Dakota Rapid City 85 -5.15 79.85 210 -12.72 197 540 -21.91 518 400 -24.22 376 340 -20.59 319 600 -24.34 576 520 -31.49 489
Tennessee Knoxville 85 -2.15 82.85 210 -5.32 205 540 -9.17 531 400 -10.14 390 340 -8.62 331 600 -10.19 590 520 -13.18 507
Texas Houston 85 -3.46 81.54 210 -8.54 201 540 -14.71 525 400 -16.27 384 340 -13.83 326 600 -16.35 584 520 -21.15 499
Utah Salt Lake City 85 -9.73 75.27 210 -24.03 186 540 -41.40 499 400 -45.77 354 340 -38.90 301 600 -46.00 554 520 -59.50 461
Vermont Burlington 85 4.40 89.40 210 10.86 221 540 18.71 559 400 20.68 421 340 17.58 358 600 20.79 621 520 26.89 547
Virginia Alexandria 85 0.27 85.27 210 0.66 211 540 1.14 541 400 1.26 401 340 1.07 341 600 1.26 601 520 1.63 522
Virginia Lynchburg 85 -1.05 83.95 210 -2.59 207 540 -4.47 536 400 -4.94 395 340 -4.20 336 600 -4.96 595 520 -6.42 514
Washington Seattle 85 1.10 86.10 210 2.72 213 540 4.68 545 400 5.18 405 340 4.40 344 600 5.20 605 520 6.73 527
Washington Spokane 85 -2.90 82.10 210 -7.17 203 540 -12.35 528 400 -13.66 386 340 -11.61 328 600 -13.73 586 520 -17.75 502
West Virginia Charleston 85 -1.21 83.79 210 -3.00 207 540 -5.16 535 400 -5.71 394 340 -4.85 335 600 -5.74 594 520 -7.42 513
Wisconsin Green Bay 85 3.51 88.51 210 8.67 219 540 14.94 555 400 16.52 417 340 14.04 354 600 16.60 617 520 21.47 541
Wyoming Cheyenne 85 -13.05 71.95 210 -32.24 178 540 -55.55 484 400 -61.42 339 340 -52.21 288 600 -61.7 538 520 -79.84 440
Puerto Rico Cayey 85 -6.00 79.00 210 -14.83 195 540 -25.56 514 400 -28.25 372 340 -24.02 316 600 -28.40 572 520 -36.73 483


Advanced - NGCC With CCS IGCC IGCC With CCSConventional CT Advanced CT Conventional NGCC Advanced - NGCC
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2.5 TECHNOLOGY SPECIFICATIONS 
This section provides the base performance specifications for each technology.  Table 2-5 
provides the current technology specifications. 


2.6 COST ESTIMATION METHODOLOGY 
2.6.1 Capital Cost 
A summary base capital cost estimate (“Cost Estimate”) was developed for each power plant 
technology, based on a generic facility of a certain size (capacity) and configuration, and 
assuming a non-specific U.S. location with no unusual location impacts (e.g., urban construction 
constraints) or infrastructure needs (e.g., a project-dedicated interconnection upgrade cost).   


Each Cost Estimate was developed assuming costs in fourth quarter 2010 dollars on an 
“overnight” capital cost basis.  In each Cost Estimate, the total project engineering, procurement 
and construction (“EPC”) cost was organized into the following categories:   


• Civil/structural material and installation,  


• Mechanical equipment supply and installation,  


• Electrical instrumentation and controls (“I&C”) supply and installation,  


• Project indirect costs, fees and contingency, and  


• Owner’s costs (excluding project financing costs).     


It should be noted that an EPC (turnkey) or equipment supply/balance of plant, as applicable to a 
given technology, contracting approach was assumed for each of the technologies, which 
included a risk sharing between the project owner and project construction contractor that, based 
on our experience, would be required in typical financing markets.  This approach does not 
always result in the lowest cost of construction; however, on average, we believe this approach 
to result in an achievable cost of construction, given the other considerations discussed herein.   


In addition to the base Cost Estimate provided for the given technology, specific regional cost 
differences were determined.  Regional costs for 64 unique locations in the U.S. were analyzed.  
Eleven subcategories were used (depending on the specific technology under review) to estimate 
the differences in various regions of the U.S. for the each power plant technology.  The regional 
analyses include but are not limited to assessing the cost differences for outdoor installation 
considerations, air-cooled condensers versus cooling tower issues, seismic design differences, 
zero-water discharge issues, local enhancements, remote location issues, urban high-density 
population issues, labor wage and productivity differences, location adjustments, owner cost 
differences, and the increase in overheads associated with these 10 locations.  More detail with 
respect to regional differences for each given technology is provided in the following sections. 


2.6.1.1 Costing Scope 
The civil and structural costs include allowance for site preparation, such as clearing, roads, 
drainage, underground utilities installation, concrete for foundations, piling material, structural 
steel supply and installation, and buildings.   


The mechanical equipment supply and installation includes major equipment , including but not 
limited to, boilers, scrubbers, cooling tower, steam turbine (“ST”) generators, PV modules, CTs, 
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as well as auxiliary equipment such as material handling, fly and bottom ash handling, pumps, 
condensers, and balance of plant (“BOP”) equipment such as fire protection, as applicable to a 
given technology.   


The electrical and I&C supply and installation includes electrical transformers, switchgear, 
motor control centers, switchyards, distributed control systems (“DCS”) and instrumentation, 
and electrical commodities, such as wire, cable tray, and lighting.   


While commodities, project equipment, and site assumptions can vary widely from project-to-
project for a given technology, the Cost Estimates are based upon a cross section of projects. 


The project indirect costs include engineering, distributable labor and materials, craft labor 
overtime and incentives, scaffolding costs, construction management, and start-up and 
commissioning.  The fees and contingency include contractor overhead costs, fees and profit, and 
construction contingency.  Contingency in this category is considered “contractor” contingency, 
which would be held by a given contractor to mitigate its risk in the construction of a project.  


The owner’s costs include development costs, preliminary feasibility and engineering studies, 
environmental studies and permitting, legal fees, project management (including third-party 
management), insurance costs, infrastructure interconnection costs (e.g., gas, electricity), 
Owner’s Contingency, and property taxes during construction.  The electrical interconnection 
cost includes an allowance for the plant switchyard and a subsequent interconnection to an 
“adjacent” (e.g. within a mile) of the plant, but does not include significant transmission system 
upgrades. 


2.6.2 Operation and Maintenance (O&M) Expenses 
O&M expenses consist of non-fuel O&M costs, owner’s expenses, and fuel-related expenses.  In 
evaluating the non-fuel O&M expenses for use in the EMM of NEMS, we focused on non-fuel 
O&M costs associated with the direct operation of the given power plant technology, referred to 
here as the “Production Related Non-Fuel O&M Expenses,” to allow for comparison of O&M 
costs on the same basis.   


Production Related Non-Fuel O&M Expenses include the following categories: 


• Fixed O&M (“FOM”) 


• Variable O&M (“VOM”) 


• Major Maintenance 


Presented below is a brief summary below of the expense categories included within the 
categories of Fixed O&M, Variable O&M, and Major Maintenance.  Further, Sections 3 through 
22 provide more specific information related to Production-Related Non-Fuel O&M Expenses 
for each technology. 


Owner’s expenses, which are not addressed in this report, include expenses paid by plant owners 
that are plant specific and can vary significantly between two virtually identical plants in the 
same geographic region.  For example, the owner’s expenses include, but are not limited to, 
property taxes, asset management fees, energy marketing fees, and insurance.   
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2.6.2.1 Fixed O&M (FOM) 
FOM expenses are those expenses incurred at a power plant that do not vary significantly with 
generation and include the following categories: 


• Staffing and monthly fees under pertinent operating agreements 


• Typical bonuses paid to the given plant operator 


• Plant support equipment which consists of equipment rentals and temporary labor 


• Plant-related general and administrative expenses (postage, telephone, etc.) 


• Routine preventive and predictive maintenance performed during operations 


• Maintenance of structures and grounds 


• Other fees required for a project to participate in the relevant National Electric Reliability 
Council region and be in good standing with the regulatory bodies.   


Routine preventive and predictive maintenance expenses do not require an extended plant 
shutdown and include the following categories: 


• Maintenance of equipment such as water circuits, feed pumps, main steam piping, and 
demineralizer systems 


• Maintenance of electric plant equipment, which includes service water, DCS, condensate 
system, air filters, and plant electrical 


• Maintenance of miscellaneous plant equipment such as communication equipment, 
instrument and service air, and water supply system 


• Plant support equipment which consists of tools, shop supplies and equipment rental, and 
safety supplies. 


2.6.2.2 Variable O&M (VOM) 
VOM expenses are production-related costs which vary with electrical generation and include 
the following categories, as applicable to the given power plant technology:  


• Raw water 


• Waste and wastewater disposal expenses 


• Purchase power (which is incurred inversely to operating hours), demand charges and 
related utilities 


• Chemicals, catalysts and gases 


• Ammonia (“NH3”) for selective catalytic reduction (“SCR”), as applicable 


• Lubricants 


• Consumable materials and supplies. 


2.6.2.3 Major Maintenance 
Major maintenance expenses generally require an extended outage, are typically undertaken no 
more than once per year; and are assumed to vary with electrical generation or the number of 
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plant starts based on the given technology and specific original equipment manufacturer 
recommendations and requirements.  These major maintenance expenses include the following 
expense categories: 


• Scheduled major overhaul expenses for maintaining the prime mover equipment at a 
power plant 


• Major maintenance labor 


• Major maintenance spares parts costs 


• BOP major maintenance, which is major maintenance on the equipment at the given plant 
that cannot be accomplished as part of routine maintenance or while the unit is in 
commercial operation. 







 


 2-10


TABLE 2-5 – TECHNOLOGY PERFORMANCE SPECIFICATIONS 


Technology Fuel 


Nominal  
Capacity 
(kW) (1) 


Nominal 
Heat Rate 


(Btu/kWh) (2) 


Capital 
Cost 


($/kW) (3) 
Fixed O&M 
($/kW-yr) (4) 


Variable 
O&M 


($/MWh) (5) 
SO2 (lb/ 


MMBtu (6) 
NOX 


(lb/MMBtu) 
CO2 


(lb/MMBtu) 
Advanced Pulverized Coal Coal 650,000 8,800 3,167 35.97 4.25 0.1 (6) 0.06 206 (7) 


Advanced Pulverized Coal Coal 1,300,000 8,800 2,844 29.67 4.25 0.1 (6) 0.06 206 (7) 
Advanced Pulverized Coal with 
CCS Coal 650,000 12,000 5,099 76.62 9.05 


0.02 (8) 0.06 20.6 (9) 


Advanced Pulverized Coal with 
CCS Coal 1,300,000 12,000 4,579 63.21 9.05 


0.02 (8) 0.06 20.6 (9) 


NGCC Gas 540,000 7,050 978 14.39 3.43 0.001 0.0075 (13) 117 (14) 


AG-NGCC Gas 400,000 6,430 1,003 14.62 3.11 0.001 0.0075 (13) 117 (14) 


Advanced NGCC with CCS Gas 340,000 7,525 2,060 30.25 6.45 0.001 0.0075 (13) 12 (15) 


Conventional CT Gas 85,000 10,850 974 6.98 14.70 0.001 0.03 (12) 117 (14) 


Advanced CT Gas 210,000 9,750 665 6.70 9.87 0.001 0.03 (13) 117 (14) 


IGCC Coal 600,000 8,700 3,565 59.23 6.87 0.025 (10) 0.0075 (12) 206 (14) 


IGCC Coal 1,200,000 8,700 3,221 48.90 6.87 0.025 (10) 0.0075 (12) 206 (14) 


IGCC with CCS Coal 520,000 10,700 5,348 69.30 8.04 0.015 (11) 0.0075 (12) 20.6 (14) 


Advanced Nuclear Uranium 2,236,000 N/A 5,339 88.75 2.04 0 0 0 


Biomass Combined Cycle Biomass 20,000 12,350 7,894 338.79 16.64 0 0.054 195 (14) 


Biomass BFB Biomass 50,000 13,500 3,860 100.50 5.00 0 0.08 195 (14) 


Fuel Cells Gas 10,000 9,500 6,835 350 0 0.00013 0.013 130 


Geothermal – Dual Flash Geothermal 50,000 N/A 5,578 84.27 9.64 0.2 (16) 0 120 (17) 


Geothermal – Binary Geothermal 50,000 N/A 4,141 84.27 9.64 0.2 (16) 0 120 (17) 


MSW MSW 50,000 18,000 8,232 373.76 8.33 0.07 (18) 0.27 (19) 200 


Hydroelectric Hydro 500,000 N/A 3,076 13.44 0 0 0 0 


Pumped Storage Hydro 250,000 N/A 5,595 13.03 0 0 0 0 


Onshore Wind Wind 100,000 N/A 2,438 28.07 0 0 0 0 


Offshore Wind Wind 400,000 N/A 5,975 53.33 0 0 0 0 


Solar Thermal Solar 100,000 N/A 4,692 64.00 0 0 0 0 


Photovoltaic Solar 7,000 N/A 6,050 26.04 0 0 0 0 


Photovoltaic Solar 150,000 N/A 4,755 16.70 0 0 0 0 
 
Footnotes are listed on the next page. 
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(1) Capacity is net of auxiliary loads. 


(2) Heat Rate is on a HHV basis for British thermal units per kilowatt-hour (“Btu/kWh”). 


(3) Capital Cost excludes financing-related costs (e.g., fees, interest during construction). 


(4) FOM expenses exclude owner's costs (e.g., insurance, property taxes, and asset management fees). 


(5) VOM expenses include major maintenance. 


(6) Million Btu (“MMBtu”). 


(7) Based on high sulfur bituminous fuel.  Emission rate could be lower for sub-bituminous fuel. 


(8) From greenhouse gas (“GHG”) Reporting Rule for Bituminous Coal. 
(9) SO2 emission rates are lower than in the non-capture case to avoid reagent contamination. 


(10) Assuming 90 percent capture. 


(11) Assuming 3 percent sulfur coal at 12,000 British thermal units per pound (“Btu/lb”) and a 99.5 percent sulfur removal rate.  


(12) Assuming 3 percent sulfur coal at 12,000 Btu/lb and a 99.7 percent sulfur removal rate. 


(13) Assuming 9 parts per million volume dry (“ppmvd”) corrected to 15 percent O2; simple-cycle E-Class or F-Class engine. 


(14) Assuming 2 ppmvd corrected to 15 percent O2 for F-Class engine.  Assumes development of SCR for IGCC with CCS. 


(15) From GHG Reporting Rule for Pipeline Natural Gas. 


(16) Assuming 90 percent capture. 


(17)  Reported as pounds per MWh and as H2S – actual will vary with resource. 


(18) Reported as pounds per MWh – actual will vary with resource. 


(19) Based on 30 ppmvd at 7 percent O2 – 5,000 Btu/lb HHV of MSW. 


(20) Based on 150 ppmvd at 7 percent O2 - 5,000 Btu/lb HHV of MSW. 
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3. ADVANCED PULVERIZED COAL (APC) 


3.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The following describes the Advanced Pulverized Coal Facility, which is a nominal 650 MW 
coal-fired supercritical steam-electric generating unit built in a Greenfield location.  An analysis 
is also provided for a nominally 1,300 MW coal-fired supercritical steam-electric generating unit 
built in a Greenfield location, which is essentially a dual-unit configuration, based on doubling 
the single-unit description provided below; however, a detailed technical description (due to the 
similarities/duplication with the single unit) is not provided herein.  This unit employs a 
supercritical Rankine power cycle in which coal is burned to produce steam in a boiler, which is 
expanded through a ST to produce electric power.  The steam is then condensed to water and 
pumped back to the boiler to be converted to steam once again to complete the cycle.   


The unit will operate at steam conditions of up to 3,700 pounds per square inch-absolute (“psia”) 
and 1,050 degrees Fahrenheit (“ºF”) at the ST inlet.  The superheated steam produced in the 
boiler is supplied to the ST, which drives an electric generator.  After leaving the high-pressure 
(“HP”) ST, the steam is reheated and fed to the intermediate-pressure (“IP”) ST.  In the 
low-pressure (“LP”) ST, the steam admitted directly from the IP ST expands to condenser 
pressure and is condensed in the condenser.  Cooling tower water is used for the condensing 
process.  Condensate collected in the condenser hotwell is discharged by the main condensate 
pumps and returned to the deaerator/feedwater storage tank via the LP feedwater heaters.  The 
feedwater pumps discharge feedwater from the feedwater storage tank to the boiler via the HP 
feedwater heaters.  In the boiler, the supercritical fluid is heated for return to the ST.   


The combustion air and flue gas systems are designed for balanced draft and starts with the 
ambient air drawn in by the forced draft fans.  This air is heated by steam preheaters and the 
regenerative air heaters.  Some of the air is passed through the primary air fans for use in drying 
and conveying the pulverized coal to the boiler.  The air and coal combust in the boiler furnace 
and the flue gas passes through the furnace and back passes of the boiler, giving up heat to the 
supercritical fluid in the boiler tubes.  The flue gas exiting the boiler economizer enters the SCR 
equipment for NOX reduction and into the regenerative air heaters where it transfers heat to the 
incoming air.  From the regenerative air heaters, the flue gas is treated with an injection of 
hydrated lime, enters a pulse-jet fabric filter (baghouse) for the collection of particulate material, 
and then flows to the induced draft fans.  From the fans, gas enters the Wet Flue Gas 
Desulfurization (“WFGD”) absorber.  From the absorber, the flue gas discharges into the stack.  
Figure 3-1 presents the Advanced Pulverized Coal process flow diagram. 
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FIGURE 3-1 – ADVANCED PULVERIZED COAL DESIGN CONFIGURATION 


 


3.2 ELECTRICAL AND CONTROL SYSTEMS 
The Advanced Pulverized Coal Facility has one ST electric generator.  The generator is a 
60 Hertz (“Hz”) machine rated at approximately 800 mega-volt-amperes (“MVA”) with an 
output voltage of 24 kilovolts (“kV”).  The ST electric generator is directly connected to 
generator step-up transformer (“GSU”), which in turn is connected between two circuit breakers 
in the high-voltage bus in the Advanced Pulverized Coal Facility switchyard through a 
disconnect switch.  The GSU increases the voltage from the electric generator from 24 kV to 
interconnected transmission system high voltage. 


The Advanced Pulverized Coal Facility is controlled using a DCS.  The DCS provides 
centralized control of the plant by integrating the control systems provided with the boiler, ST 
and associated electric generator and the control of BOP systems and equipment. 


3.3 OFF-SITE REQUIREMENTS 
Coal is delivered to the facility via rail, truck or barge.  Water for all processes at the Advanced 
Pulverized Coal Facility can be obtained from one of a variety of sources; however, water is 
typically sourced from an adjacent river, when possible.  The Advanced Pulverized Coal Facility 
uses a water treatment system and a high-efficiency reverse osmosis system to reduce the 
dissolved solids from the cooling water and to provide distilled water for boiler makeup.  
Wastewater is sent to an adjacent river or other approved alternative.  Further, the electrical 
interconnection from the Advanced Pulverized Coal on-site switchyard is effectuated by a 
connection to an adjacent utility substation, assumed to be no more than 1 mile from the 
Advanced Pulverized Coal Facility. 
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3.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the Advanced Pulverized Coal Facility (“APC”) with a nominal 
capacity of 650 MW is $3,167/kilowatt (“kW”) and with a nominal capacity of 1,300 MW is 
$2,844/kW.  Table 3-1 and Table 3-2 summarize the Cost Estimate categories for the APC 
Facility.   


TABLE 3-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR APC 


Technology: APC 
Nominal Capacity (ISO): 650,000 kW 


Nominal Heat Rate (ISO): 8,800 Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     224,000 
   
Mechanical Equipment Supply and 
Installation     838,500 
   
Electrical / I&C Supply and Installation  123,000 
   


Project Indirects (1)  350,000 
   
EPC Cost before Contingency and Fee  1,535,500 
   
Fee and Contingency  180,000 
   
Total Project EPC  1,715,500 
   
Owner's Costs (excluding project finance)  343,100 
   
Total Project Cost (excluding finance)  2,058,600 
   
Total Project EPC $ / kW 2,639 
   
Owner Costs 20% (excluding project finance) $ / kW 528 
   
Total Project Cost (excluding project finance) $ / kW 3,167 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 
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TABLE 3-2 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR APC 


Technology: APC 
Nominal Capacity (ISO): 1,300,000 kW 


Nominal Heat Rate (ISO): 8,800 Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     397,250 
   
Mechanical Equipment Supply and 
Installation     1,596,100 
   
Electrical / I&C Supply and Installation  235,000 
   


Project Indirects (1)  584,750 
   
EPC Cost before Contingency and Fee  2,813,100 
   
Fee and Contingency  320,000 
   
Total Project EPC  3,133,100 
   
Owner Costs (excluding project finance)  563,958 
   
Total Project Cost (excluding finance)  3,697,058 
   
Total Project EPC $ / kW 2,410 
   
Owner Costs 18% (excluding project finance) $ / kW 434 
   
Total Project Cost (excluding project finance) $ / kW 2,844 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


   


For this type of technology and power plant configuration, our regional adjustments took into 
consideration the following:  outdoor installation considerations, seismic design differences, 
remote location issues, labor wage and productivity differences, location adjustments, owner cost 
differences, and the increase in overheads associated with these six adjustment criteria. 


Outdoor installation locations are considered in geographic areas where enclosed structures for 
the boilers would not be required due to the low probability of freezing.  The locations that were 
included in outdoor installation are Alabama, Arizona, Arkansas, Florida, Georgia, Hawaii, 
Louisiana, Mississippi, New Mexico, South Carolina, and Puerto Rico.   


Seismic design differences among the various locations were based on U.S. seismic map 
information that detailed the various seismic zones throughout the U.S.  No cost increases were 
associated with seismic Zone 0 and cost step increases were considered for Zones 1, 2, 3 and 4. 
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Remote location issues are related to geographic areas that typically require installation of man 
camps, higher craft incentives, and higher per diems are generally required with respect to 
construction, due to the fact that such areas are long distances from urban areas, where labor is 
generally abundant.  Remote location designations were also considered in locations where 
higher equipment freight costs are typically incurred, which for example are regions not near 
established rail or highway access.  Remote locations related to the APC Facility include 
Fairbanks, Alaska; Honolulu, Hawaii; Albuquerque, New Mexico; Cheyenne, Wyoming; and 
Cayey, Puerto Rico. 


Labor wage and productivity differences were handled as discussed in Section 1.5.1, taking into 
consideration the amount of labor we estimated for the APC Facility.  


Location adjustments were made to locations where higher cost of living levels are incurred 
and/or where population density generally correlates to higher construction costs for power and 
other infrastructure projects.  These locations include Alaska, California, Connecticut, Delaware, 
District of Columbia, Hawaii, Illinois, Maine, Maryland, Massachusetts, Michigan, Minnesota, 
New York, Ohio; and Wisconsin. 


Owner costs were reviewed based on the need for utility upgrades and/or infrastructure costs 
such as new facility transmission lines to tie to existing utility transmission substations or 
existing transmission lines.     


Table 3-3 and Table 3-4 show the APC capital cost variations for alternative U.S. plant locations, 
including the difference between the given location and the average location specified for the 
Cost Estimate. 


TABLE 3-3 – LOCATION-BASED COSTS FOR APC (650,000 KW) 
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 3,200 33.1% 1,058 4,258 
Alaska Fairbanks 3,200 32.0% 1,026 4,226 
Alabama Huntsville 3,200 -7.5% (239) 2,961 
Arizona Phoenix 3,200 -5.2% (166) 3,034 
Arkansas Little Rock 3,200 -5.4% (174) 3,026 
California Los Angeles 3,200 20.3% 649 3,849 
California Redding 3,200 9.8% 314 3,514 
California Bakersfield 3,200 9.4% 300 3,500 
California Sacramento 3,200 14.4% 462 3,662 
California San Francisco 3,200 42.4% 1,356 4,556 
Colorado Denver 3,200 -6.1% (194) 3,006 
Connecticut Hartford 3,200 26.6% 851 4,051 
Delaware Dover 3,200 23.0% 736 3,936 
District of Columbia Washington 3,200 39.6% 1,267 4,467 
Florida Tallahassee 3,200 -10.9% (349) 2,851 
Florida Tampa 3,200 -4.9% (156) 3,044 
Georgia Atlanta 3,200 -8.1% (260) 2,940 
Hawaii Honolulu 0 0 0 0 
Idaho Boise 3,200 -3.7% (118) 3,082 
Illinois Chicago 3,200 19.8% 635 3,835 
Indiana Indianapolis 3,200 3.2% 102 3,302 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 
Iowa Davenport 3,200 -1.6% (50) 3,150 
Iowa Waterloo 3,200 -9.0% (288) 2,912 
Kansas Wichita 3,200 -6.7% (215) 2,985 
Kentucky Louisville 3,200 -5.6% (178) 3,022 
Louisiana New Orleans 3,200 -11.2% (359) 2,841 
Maine Portland 3,200 -0.6% (21) 3,179 
Maryland Baltimore 3,200 4.6% 148 3,348 
Massachusetts Boston 3,200 35.3% 1,128 4,328 
Michigan Detroit 3,200 3.8% 123 3,323 
Michigan Grand Rapids 3,200 -7.9% (251) 2,949 
Minnesota St. Paul 3,200 3.9% 125 3,325 
Mississippi Jackson 3,200 -7.4% (238) 2,962 
Missouri St. Louis 3,200 7.2% 231 3,431 
Missouri Kansas City 3,200 3.4% 109 3,309 
Montana Great Falls 3,200 -4.3% (137) 3,063 
Nebraska Omaha 3,200 -3.5% (113) 3,087 
New Hampshire Concord 3,200 -1.6% (52) 3,148 
New Jersey Newark 3,200 15.5% 495 3,695 
New Mexico Albuquerque 3,200 -3.9% (125) 3,075 
New York New York 3,200 32.6% 1,044 4,244 
New York Syracuse 3,200 10.7% 342 3,542 
Nevada Las Vegas 3,200 9.2% 295 3,495 
North Carolina Charlotte 3,200 -9.6% (308) 2,892 
North Dakota Bismarck 3,200 -8.0% (255) 2,945 
Ohio Cincinnati 3,200 0.3% 11 3,211 
Oregon Portland 3,200 9.5% 305 3,505 
Pennsylvania Philadelphia 3,200 12.1% 387 3,587 
Pennsylvania Wilkes-Barre 3,200 -3.5% (112) 3,088 
Rhode Island Providence 3,200 4.1% 132 3,332 
South Carolina Spartanburg 3,200 -11.8% (377) 2,823 
South Dakota Rapid City 3,200 -10.7% (342) 2,858 
Tennessee Knoxville 3,200 -8.9% (286) 2,914 
Texas Houston 3,200 -9.5% (304) 2,896 
Utah Salt Lake City 3,200 -3.1% (98) 3,102 
Vermont Burlington 3,200 -5.3% (169) 3,031 
Virginia Alexandria 3,200 9.7% 310 3,510 
Virginia Lynchburg 3,200 -2.0% (62) 3,138 
Washington Seattle 3,200 12.8% 409 3,609 
Washington Spokane 3,200 -2.3% (74) 3,126 
West Virginia Charleston 3,200 -1.8% (58) 3,142 
Wisconsin Green Bay 3,200 0.5% 16 3,216 
Wyoming Cheyenne 3,200 3.9% 125 3,325 
Puerto Rico Cayey 0 0 0 0 
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TABLE 3-4 – LOCATION-BASED COSTS FOR APC (1,300,000 KW) 
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 2,850 36.5% 1,040 3,890 
Alaska Fairbanks 2,850 35.3% 1,006 3,856 
Alabama Huntsville 2,850 -8.2% (233) 2,617 
Arizona Phoenix 2,850 -5.7% (161) 2,689 
Arkansas Little Rock 2,850 -5.9% (169) 2,681 
California Los Angeles 2,850 22.4% 638 3,488 
California Redding 2,850 10.7% 306 3,156 
California Bakersfield 2,850 10.3% 293 3,143 
California Sacramento 2,850 15.7% 447 3,297 
California San Francisco 2,850 46.7% 1,330 4,180 
Colorado Denver 2,850 -6.6% (188) 2,662 
Connecticut Hartford 2,850 29.4% 838 3,688 
Delaware Dover 2,850 25.5% 728 3,578 
District of Columbia Washington 2,850 44.4% 1,265 4,115 
Florida Tallahassee 2,850 -11.9% (339) 2,511 
Florida Tampa 2,850 -5.4% (154) 2,696 
Georgia Atlanta 2,850 -8.9% (253) 2,597 
Hawaii Honolulu 0 0 0 0 
Idaho Boise 2,850 -4.0% (115) 2,735 
Illinois Chicago 2,850 21.3% 606 3,456 
Indiana Indianapolis 2,850 3.5% 99 2,949 
Iowa Davenport 2,850 -1.8% (53) 2,797 
Iowa Waterloo 2,850 -9.8% (280) 2,570 
Kansas Wichita 2,850 -7.3% (209) 2,641 
Kentucky Louisville 2,850 -6.1% (173) 2,677 
Louisiana New Orleans 2,850 -12.2% (348) 2,502 
Maine Portland 2,850 -0.6% (16) 2,834 
Maryland Baltimore 2,850 5.3% 150 3,000 
Massachusetts Boston 2,850 38.7% 1,103 3,953 
Michigan Detroit 2,850 4.0% 114 2,964 
Michigan Grand Rapids 2,850 -8.6% (244) 2,606 
Minnesota St. Paul 2,850 4.1% 116 2,966 
Mississippi Jackson 2,850 -8.1% (231) 2,619 
Missouri St. Louis 2,850 7.7% 221 3,071 
Missouri Kansas City 2,850 3.5% 101 2,951 
Montana Great Falls 2,850 -4.7% (133) 2,717 
Nebraska Omaha 2,850 -3.9% (111) 2,739 
New Hampshire Concord 2,850 -1.8% (52) 2,798 
New Jersey Newark 2,850 16.4% 467 3,317 
New Mexico Albuquerque 2,850 -4.3% (122) 2,728 
New York New York 2,850 34.8% 992 3,842 
New York Syracuse 2,850 12.0% 341 3,191 
Nevada Las Vegas 2,850 9.9% 282 3,132 
North Carolina Charlotte 2,850 -10.4% (296) 2,554 
North Dakota Bismarck 2,850 -8.7% (248) 2,602 
Ohio Cincinnati 2,850 0.5% 13 2,863 
Oregon Portland 2,850 10.4% 297 3,147 
Pennsylvania Philadelphia 2,850 12.9% 366 3,216 
Pennsylvania Wilkes-Barre 2,850 -3.8% (109) 2,741 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 
Rhode Island Providence 2,850 4.3% 123 2,973 
South Carolina Spartanburg 2,850 -12.7% (363) 2,487 
South Dakota Rapid City 2,850 -11.6% (331) 2,519 
Tennessee Knoxville 2,850 -9.7% (276) 2,574 
Texas Houston 2,850 -10.3% (295) 2,555 
Utah Salt Lake City 2,850 -3.3% (93) 2,757 
Vermont Burlington 2,850 -5.8% (164) 2,686 
Virginia Alexandria 2,850 10.9% 310 3,160 
Virginia Lynchburg 2,850 -2.0% (57) 2,793 
Washington Seattle 2,850 13.9% 397 3,247 
Washington Spokane 2,850 -2.6% (73) 2,777 
West Virginia Charleston 2,850 -2.1% (59) 2,791 
Wisconsin Green Bay 2,850 0.6% 16 2,866 
Wyoming Cheyenne 2,850 4.6% 131 2,981 
Puerto Rico Cayey 0 0 0 0 


3.5 O&M ESTIMATE 
In addition to the general O&M items discussed in Section 2.5.2., the APC Facility includes the 
major maintenance for boiler, ST, associated generator, BOP, and emissions reduction catalysts.  
These major maintenance expenses are included with the VOM expense for this technology and 
are given on an average basis across the megawatt-hours (“MWh”) incurred.  Typically, 
significant overhauls on an APC Facility occur no less frequently than six or seven years.  
Table 3-5 presents the FOM and VOM expenses for the APC Facility.  Table 3-5 and Table 3-6 
present the O&M expenses for the APC Facility. 


TABLE 3-5 – O&M EXPENSES FOR APC (650,000 KW) 


Technology: APC 
Fixed O&M Expense $35.97/kW-year 


Variable O&M Expense $4.25/MWh 


TABLE 3-6 – O&M EXPENSES FOR APC (1,300,000 KW) 


Technology: APC 
Fixed O&M Expense $29.67/kW-year 


Variable O&M Expense $4.25/MWh 


3.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
As mentioned in Section 3.1, the APC Facility is assumed to include low NOX combustion 
burners in the boiler, SCR, and a flue gas desulfurization (“FGD”) to further control the 
emissions of NOX and SO2, respectively.  Table 3-7 presents the environmental emissions for the 
APC Facility. 
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TABLE 3-7 – ENVIRONMENTAL EMISSIONS FOR APC 


Technology: APC 
NOX 0.06 lb/MMBtu 
SO2 0.1 lb/MMBtu 
CO2 206 lb/MMBtu 
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4. ADVANCED PULVERIZED COAL WITH CCS (APC/CCS) 


4.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The plant configuration for the APC with CCS Facility (“APC/CCS”) is the same as the APC 
case with two exceptions:  (1) an amine scrubbing system, utilizing monoethanolamine (“MEA”) 
as a solvent, to capture CO2 from the flue gas, and (2) the scaling of the boiler to a larger size, as 
described below.  The captured CO2 is compressed to approximately 2,000 psia for injection into 
a pipeline at the plant fence line as a supercritical fluid.  The net output of the APC/CCS Facility 
case is 650 MW (and 1,300 MW for the two unit configuration), and since the CCS system 
requires about one-third of the given facility’s gross capacity in auxiliary load, the APC/CCS 
Facility assumes that the boiler is increased by approximately one-third (i.e., it is approximately 
133 percent the size of the boiler in the APC Facility), which provides the necessary steam to 
facilitate the capture process and to run a steam-driven compressor for compressing the CO2 for 
sequestration.  Figure 4-1 presents a diagram of the APC and Figure 4-2 presents a diagram of 
the APC/CCS Facility. 


FIGURE 4-1 – APC FACILITY DIAGRAM 
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FIGURE 4-2 – APC/CCS FACILITY DIAGRAM 


 


4.2 ELECTRICAL AND CONTROL SYSTEMS 
The electrical and control systems for the APC/CCS Facility are materially similar to the APC 
Facility. 


4.3 OFF-SITE REQUIREMENTS 
The off-site requirements for the APC/CCS Facility are materially similar to the APC Facility, 
except that the CO2 needs sequestering in one of the following geologic formations:  
(1) exhausted gas storage location, (2) unminable coal seam, (3) enhanced oil recovery, or 
(4) saline aquifer.  To the extent that a sequestration site is not near the given facility being 
analyzed, transportation for a viable sequestration site has the potential to materially affect the 
capital cost estimates discussed below. 


4.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the APC/CCS Facility with a nominal capacity of 650 MW is 
$5,099/kW and with a nominal capacity of 1,300,000 MW is $4,579/kW.  The capital cost 
estimate was based on the advanced pulverized APC Facility (without CCS) and the base Cost 
Estimate was increased to include the expected costs of CCS.  Since there are currently no full-
scale pulverized coal facilities operating with CCS in the world, our estimate is based on industry 
research.  Our team tested the veracity of this research against assumptions for implementing the 
additional equipment necessary to effectuate CCS on an advanced coal facility.  Table 4-1 and 
Table 4-2 summarize the Cost Estimate categories for the APC/CCS Facility. 
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TABLE 4-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR APC/CCS 


Technology: APC/CCS 
Nominal Capacity (ISO): 650,000 kW 


Nominal Heat Rate (ISO): 12,000 Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Total Project EPC  2,761,958 
   
Owner Costs (excluding project finance)  552,391 
   
Total Project Cost (excluding finance)  3,314,350 
   
Total Project EPC  / kW 4,249 
   
Owner Costs 20% (excluding project finance)  / kW 850 
   
Total Project Cost (excluding project finance)  / kW 5,099 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


   


TABLE 4-2 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR APC/CCS 


Technology: APC/CCS 
Nominal Capacity (ISO): 1,300,000 kW 


Nominal Heat Rate (ISO): 12,000 Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Total Project EPC  5,045,763 
   
Owner Costs (excluding project finance)  908,237 
   
Total Project Cost (excluding finance)  5,954,000 
   
Total Project EPC  / kW 3,881 
   
Owner Costs 18% (excluding project finance)  / kW 699 
   
Total Project Cost (excluding project finance)  / kW 4,580 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


   


For this type of technology and power plant configuration, our regional adjustments took into 
consideration the following:  outdoor installation considerations, seismic design differences, 
remote location issues, labor wage and productivity differences, location adjustments, owner cost 
differences, and the increase in overheads associated with these six adjustment criteria.  The 
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methodology used for the APC/CCS Facility is the same as that discussed in Section 3.4 for the 
APC Facility (without CCS).   


Table 4-3 and Table 4-4 show the APC capital cost variations for alternative U.S. plant locations, 
including the difference between the given location and the average location specified for the 
Cost Estimate. 


TABLE 4-3– LOCATION-BASED COSTS FOR APC/CCS FACILITY (650,000 KW) 
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 5,100 32.2% 1,643 6,743 


Alaska Fairbanks 5,100 31.4% 1,602 6,702 


Alabama Huntsville 5,100 -8.0% (409) 4,691 


Arizona Phoenix 5,100 -5.7% (289) 4,811 


Arkansas Little Rock 5,100 -5.9% (303) 4,797 


California Los Angeles 5,100 19.6% 1,000 6,100 


California Redding 5,100 9.4% 481 5,581 


California Bakersfield 5,100 9.0% 458 5,558 


California Sacramento 5,100 14.4% 734 5,834 


California San Francisco 5,100 41.6% 2,124 7,224 


Colorado Denver 5,100 -6.6% (335) 4,765 


Connecticut Hartford 5,100 25.6% 1,306 6,406 


Delaware Dover 5,100 21.9% 1,116 6,216 


District of Columbia Washington 5,100 37.0% 1,888 6,988 


Florida Tallahassee 5,100 -11.6% (591) 4,509 


Florida Tampa 5,100 -5.1% (262) 4,838 


Georgia Atlanta 5,100 -8.7% (445) 4,655 


Hawaii Honolulu 0 0 0 0 


Idaho Boise 5,100 -4.1% (211) 4,889 


Illinois Chicago 5,100 20.7% 1,055 6,155 


Indiana Indianapolis 5,100 2.8% 141 5,241 


Iowa Davenport 5,100 -1.7% (85) 5,015 


Iowa Waterloo 5,100 -9.6% (491) 4,609 


Kansas Wichita 5,100 -7.3% (372) 4,728 


Kentucky Louisville 5,100 -6.1% (309) 4,791 


Louisiana New Orleans 5,100 -11.9% (608) 4,492 


Maine Portland 5,100 -1.4% (72) 5,028 


Maryland Baltimore 5,100 3.8% 195 5,295 


Massachusetts Boston 5,100 34.9% 1,779 6,879 


Michigan Detroit 5,100 4.0% 204 5,304 


Michigan Grand Rapids 5,100 -8.4% (428) 4,672 


Minnesota St. Paul 5,100 4.0% 206 5,306 


Mississippi Jackson 5,100 -8.0% (406) 4,694 


Missouri St. Louis 5,100 7.2% 366 5,466 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 
Missouri Kansas City 5,100 3.4% 174 5,274 


Montana Great Falls 5,100 -4.8% (244) 4,856 


Nebraska Omaha 5,100 -3.9% (197) 4,903 


New Hampshire Concord 5,100 -2.0% (100) 5,000 


New Jersey Newark 5,100 16.4% 837 5,937 


New Mexico Albuquerque 5,100 -4.4% (222) 4,878 


New York New York 5,100 34.7% 1,768 6,868 


New York Syracuse 5,100 8.5% 433 5,533 


Nevada Las Vegas 5,100 7.5% 382 5,482 


North Carolina Charlotte 5,100 -10.5% (534) 4,566 


North Dakota Bismarck 5,100 -8.5% (434) 4,666 


Ohio Cincinnati 5,100 -0.3% (13) 5,087 


Oregon Portland 5,100 9.1% 466 5,566 


Pennsylvania Philadelphia 5,100 12.7% 649 5,749 


Pennsylvania Wilkes-Barre 5,100 -3.9% (201) 4,899 


Rhode Island Providence 5,100 4.2% 214 5,314 


South Carolina Spartanburg 5,100 -12.7% (649) 4,451 


South Dakota Rapid City 5,100 -11.4% (583) 4,517 


Tennessee Knoxville 5,100 -9.6% (492) 4,608 


Texas Houston 5,100 -10.2% (518) 4,582 


Utah Salt Lake City 5,100 -3.8% (194) 4,906 


Vermont Burlington 5,100 -5.9% (299) 4,801 


Virginia Alexandria 5,100 8.7% 443 5,543 


Virginia Lynchburg 5,100 -2.7% (138) 4,962 


Washington Seattle 5,100 12.6% 644 5,744 


Washington Spokane 5,100 -2.7% (136) 4,964 


West Virginia Charleston 5,100 -2.0% (103) 4,997 


Wisconsin Green Bay 5,100 0.0% 0 5,100 


Wyoming Cheyenne 5,100 1.4% 74 5,174 


Puerto Rico Cayey 0 0 0 0 
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TABLE 4-4 – LOCATION-BASED COSTS FOR APC/CCS FACILITY (1,300,000 KW) 
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 4,580 35.2% 1,610 6,190 


Alaska Fairbanks 4,580 34.2% 1,565 6,145 


Alabama Huntsville 4,580 -8.3% (380) 4,200 


Arizona Phoenix 4,580 -5.8% (266) 4,314 


Arkansas Little Rock 4,580 -6.1% (278) 4,302 


California Los Angeles 4,580 21.5% 985 5,565 


California Redding 4,580 10.4% 475 5,055 


California Bakersfield 4,580 9.9% 453 5,033 


California Sacramento 4,580 15.5% 710 5,290 


California San Francisco 4,580 45.2% 2,071 6,651 


Colorado Denver 4,580 -6.7% (309) 4,271 


Connecticut Hartford 4,580 28.1% 1,288 5,868 


Delaware Dover 4,580 24.2% 1,109 5,689 


District of Columbia Washington 4,580 41.4% 1,895 6,475 


Florida Tallahassee 4,580 -12.1% (552) 4,028 


Florida Tampa 4,580 -5.4% (245) 4,335 


Georgia Atlanta 4,580 -9.0% (413) 4,167 


Hawaii Honolulu 0 0 0 0 


Idaho Boise 4,580 -4.2% (191) 4,389 


Illinois Chicago 4,580 21.7% 995 5,575 


Indiana Indianapolis 4,580 3.2% 148 4,728 


Iowa Davenport 4,580 -1.7% (79) 4,501 


Iowa Waterloo 4,580 -10.0% (457) 4,123 


Kansas Wichita 4,580 -7.5% (343) 4,237 


Kentucky Louisville 4,580 -6.2% (284) 4,296 


Louisiana New Orleans 4,580 -12.4% (567) 4,013 


Maine Portland 4,580 -1.1% (48) 4,532 


Maryland Baltimore 4,580 4.6% 211 4,791 


Massachusetts Boston 4,580 37.7% 1,728 6,308 


Michigan Detroit 4,580 4.2% 193 4,773 


Michigan Grand Rapids 4,580 -8.7% (398) 4,182 


Minnesota St. Paul 4,580 4.3% 195 4,775 


Mississippi Jackson 4,580 -8.2% (377) 4,203 


Missouri St. Louis 4,580 7.7% 354 4,934 


Missouri Kansas City 4,580 3.7% 168 4,748 


Montana Great Falls 4,580 -4.8% (222) 4,358 


Nebraska Omaha 4,580 -3.9% (180) 4,400 


New Hampshire Concord 4,580 -1.9% (87) 4,493 


New Jersey Newark 4,580 17.1% 781 5,361 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New Mexico Albuquerque 4,580 -4.4% (202) 4,378 


New York New York 4,580 36.0% 1,650 6,230 


New York Syracuse 4,580 9.7% 442 5,022 


Nevada Las Vegas 4,580 7.9% 361 4,941 


North Carolina Charlotte 4,580 -10.7% (492) 4,088 


North Dakota Bismarck 4,580 -8.8% (404) 4,176 


Ohio Cincinnati 4,580 0.1% 4 4,584 


Oregon Portland 4,580 10.1% 461 5,041 


Pennsylvania Philadelphia 4,580 13.3% 609 5,189 


Pennsylvania Wilkes-Barre 4,580 -4.0% (182) 4,398 


Rhode Island Providence 4,580 4.5% 205 4,785 


South Carolina Spartanburg 4,580 -13.1% (600) 3,980 


South Dakota Rapid City 4,580 -11.8% (542) 4,038 


Tennessee Knoxville 4,580 -9.9% (455) 4,125 


Texas Houston 4,580 -10.5% (482) 4,098 


Utah Salt Lake City 4,580 -3.6% (167) 4,413 


Vermont Burlington 4,580 -6.0% (273) 4,307 


Virginia Alexandria 4,580 9.9% 455 5,035 


Virginia Lynchburg 4,580 -2.4% (112) 4,468 


Washington Seattle 4,580 13.7% 626 5,206 


Washington Spokane 4,580 -2.6% (121) 4,459 


West Virginia Charleston 4,580 -2.0% (93) 4,487 


Wisconsin Green Bay 4,580 0.3% 14 4,594 


Wyoming Cheyenne 4,580 2.2% 102 4,682 


Puerto Rico Cayey 0 0 0 0 


4.5 O&M ESTIMATE 
The O&M items for the APC/CCS Facility are the same as those discussed in Section 3.5 for the 
APC Facility (without CCS), except that adders are included to both FOM and VOM to 
accommodate the expenses associated with compressor maintenance, sequestration maintenance, 
and the associated additional labor required to manage, operate, and maintain the additional 
equipment.  Table 4-5 and Table 4-6 present the FOM and VOM expenses for the APC/CCS 
Facility. 


TABLE 4-5 – O&M EXPENSES FOR APC/CCS (650,000 KW) 


Technology: APC/CCS 


Fixed O&M Expense $76.62/kW-year 
Variable O&M Expense $9.05/MWh 
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TABLE 4-6 – O&M EXPENSES FOR APC/CCS (1,300,000 KW) 


Technology: APC/CCS 
Fixed O&M Expense $63.21/kW-year 


Variable O&M Expense $9.05/MWh 


4.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
In addition to the equipment utilized for environmental compliance in the APC Facility, the 
APC/CCS Facility includes an amine scrubber that is intended to remove 90 percent of the CO2 
produced in the combustion process, wherein the captured CO2 is later compressed to HP and 
sequestered, as discussed above.  Table 4-7 presents the environmental emissions for the 
APC/CCS Facility. 


TABLE 4-7 – ENVIRONMENTAL EMISSIONS FOR APC/CCS 


Technology: APC/CCS 


NOX 0.06 lb/MMBtu 
SO2 0.02 lb/MMBtu 
CO2 20.6 lb/MMBtu 
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5. CONVENTIONAL NATURAL GAS COMBINED CYCLE (NGCC) 
5.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The Conventional NGCC produces 540 MW of net electricity.  The facility utilizes two natural 
gas-fueled F-class CTs and associated electric generators, two supplemental-fired heat recovery 
steam generators (“HRSG”), and one condensing ST and associated electric generator operating 
in combined-cycle mode.  Each CT is designed to produce nominally 172 MW and includes a 
dry-low NOX (“DLN”) combustion system and a hydrogen-cooled electric generator.  The two 
triple-pressure HRSGs include integrated deaerators, SCRs, oxidation catalyst for the control of 
carbon monoxide (“CO”), and supplemental duct firing with associated combustion 
management.  The ST is a single-reheat condensing ST designed for variable pressure operation, 
designed to produce an additional 210 MW.  The ST exhaust is cooled in a closed-loop 
condenser system with a mechanical draft cooling tower.  The CTs are equipped with inlet 
evaporative coolers to reduce the temperature of the turbine inlet air to increase summer output.  
The Conventional NGCC plant also includes a raw water treatment system consisting of 
clarifiers and filters and a turbine hall, in which the CTs, ST, and HRSGs are enclosed to avoid 
freezing during periods of cold ambient temperatures.  Figure 5-1 presents the Conventional 
NGCC process flow diagram. 
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FIGURE 5-1 – CONVENTIONAL NGCC DESIGN CONFIGURATION 


 


5.2 ELECTRICAL AND CONTROL SYSTEMS 
The Conventional NGCC has two CT electric generators and one ST electric generator.  The 
generators for the CTs are 60 Hz and rated at approximately 215 MVA with an output voltage of 
18 kV.  The ST electric generator is 60 Hz and rated at approximately 310 MVA with an output 
voltage of 18 kV.  Each CT and ST electric generator is connected to a high-voltage bus in the 
Conventional NGCC via a dedicated generator circuit breaker, generator GSU, and a disconnect 
switch.  The GSUs increase the voltage from the electric generators from 18 kV to 
interconnected high voltage.   


The Conventional NGCC is controlled using a DCS.  The DCS provides centralized control of 
the facility by integrating the control systems provided with each individual CT and associated 
electric generator, ST and associated electric generator, and the control of BOP systems and 
equipment.   


5.3 OFF-SITE REQUIREMENTS 
Natural gas is delivered to the facility through a lateral connected to the local natural gas trunk 
line.  Water for all processes at the Conventional NGCC Facility is obtained from a one of 
several available water sources (e.g., municipal water supply).  The Conventional NGCC Facility 
uses a water treatment system and a high-efficiency reverse osmosis system to reduce the 
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dissolved solids from the cooling water and to provide distilled water for HRSG makeup.  
Wastewater is sent to a municipal wastewater system.  Further, the electrical interconnection 
from the Conventional NGCC on-site switchyard is effectuated by a connection to an adjacent 
utility substation. 


5.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the Conventional NGCC Facility with a nominal capacity of 
540 MW is $980/kW.  Table 5-1 summarizes the Cost Estimate categories for the Conventional 
NGCC Facility.   


TABLE 5-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR CONVENTIONAL 
NGCC 


Technology: Conventional NGCC 
Nominal Capacity (ISO): 540,000 kW 


Nominal Heat Rate (ISO): 7,050 Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     40,100 
   
Mechanical Equipment Supply and 
Installation     221,500 
   
Electrical / I&C Supply and Installation  35,000 
   


Project Indirects (1)  88,400 
   
EPC Cost before Contingency and Fee  385,000 
   
Fee and Contingency  55,000 
   
Total Project EPC  440,000 
   
Owner Costs (excluding project finance)  88,000 
   
Total Project Cost (excluding finance)  528,000 
   
Total Project EPC  / kW 815 
   
Owner Costs 20% (excluding project finance)  / kW 163 
   
Total Project Cost (excluding project finance)  / kW 978 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


   


For this type of technology and power plant configuration, our regional adjustments took into 
consideration the following:  outdoor installation considerations, air-cooled condensers 
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compared to cooling towers, seismic design differences, zero-water discharge issues, local 
technical enhancements (e.g., additional noise remediation that is generally required in urban 
siting), remote location issues, urban – high density population issues, labor wage and 
productivity differences, location adjustments, owner cost differences, and the increase in 
overheads associated with these 10 adjustments. 


Outdoor installation locations are considered in geographic areas where enclosed structures for 
the boilers would not be required due to the low probability of freezing.  The locations that were 
included in outdoor installation are Alabama, Arizona, Arkansas, Florida, Georgia, Hawaii, 
Louisiana, Mississippi, New Mexico, South Carolina, and Puerto Rico.   


The potential locations relating to the use of air-cooled condensers in place of mechanical draft 
wet cooling towers were identified as Arizona, California, Connecticut, Delaware, District of 
Columbia, Maryland, Massachusetts, New Hampshire, New York, Oregon, Pennsylvania, Rhode 
Island, Virginia, and Puerto Rico.  These locations are identified as those where conservation of 
water, notwithstanding supply, has been and/or is becoming a significant issue in plant 
permitting/siting. 


Seismic design differences among the various locations were based on U.S. seismic map 
information that detailed the various seismic zones throughout the U.S.  No cost increases were 
associated with seismic Zone 0 and cost step increases were considered for Zones 1, 2, 3 and 4. 


The potential locations relating to the need of zero-water discharge were identified as Arizona, 
California, Colorado, Connecticut, Delaware, District of Columbia, Maryland, Massachusetts, 
New Hampshire, New York, Rhode Island, Virginia, and Puerto Rico.  Similar to water usage 
discussed above in this section on Conventional NGCC, wastewater treatment and disposal is 
considered a critical permitting/siting issue in these areas. 


The locations with local technical enhancements include California, Colorado, Connecticut, 
Delaware, District of Columbia, Louisiana, Maryland, Massachusetts, New Jersey, New York, 
Rhode Island, Vermont, and Virginia.  These areas are places where noise, visual impacts, and 
other technical enhancements generally need to be made by a project developer or utility to 
comply with the applicable permitting/siting requirements.   


Remote location issues are related to geographic areas that typically require installation of man 
camps, higher craft incentives, and higher per diems are generally required with respect to 
construction, due to the fact that such areas are long distances from urban areas, where labor is 
generally abundant.  Remote location designations were also considered in locations where 
higher equipment freight costs are typically incurred, which for example are regions not near 
established rail or highway access.  Remote locations related to the Conventional NGCC include 
Fairbanks, Alaska; Honolulu, Hawaii; Albuquerque, New Mexico; Cheyenne, Wyoming; and 
Cayey, Puerto Rico. 


Labor wage and productivity differences were handled as discussed in Section 2.5.1., taking into 
consideration the amount of labor we estimated for the Conventional NGCC Facility.  


Location adjustments were made to locations where higher cost of living levels are incurred 
and/or where population density generally correlates to higher construction costs for power and 
other infrastructure projects.  These locations include Alaska, California, Connecticut, Delaware, 
District of Columbia, Hawaii, Illinois, Maine, Maryland, Massachusetts, Michigan, Minnesota, 
New York, Ohio, and Wisconsin. 
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Owner costs were reviewed based on the need for utility upgrades and/or infrastructure costs 
such as new facility transmission lines to tie to existing utility transmission substations or 
existing transmission lines.     


Table 5-2 presents the Conventional NGCC capital cost variations for alternative U.S. plant 
locations, including the difference between the given location and the average location specified 
for the Cost Estimate. 


TABLE 5-2 – LOCATION-BASED COSTS FOR CONVENTIONAL NGCC  
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 980 33.3% 326 1,306 


Alaska Fairbanks 980 38.2% 374 1,354 


Alabama Huntsville 980 -8.6% (84) 896 


Arizona Phoenix 980 2.6% 25 1,005 


Arkansas Little Rock 980 -7.5% (73) 912 


California Los Angeles 980 29.0% 284 1,264 


California Redding 980 13.5% 132 1,112 


California Bakersfield 980 15.8% 154 1,134 


California Sacramento 980 20.5% 200 1,180 


California San Francisco 980 46.1% 452 1,432 


Colorado Denver 980 2.1% 21 1,001 


Connecticut Hartford 980 27.9% 274 1,254 


Delaware Dover 980 26.2% 256 1,236 


District of Columbia Washington 980 33.3% 326 1,306 


Florida Tallahassee 980 -11.6% (113) 867 


Florida Tampa 980 -6.0% (58) 922 


Georgia Atlanta 980 -6.6% (64) 916 


Hawaii Honolulu 980 50.2% 492 1,472 


Idaho Boise 980 -3.9% (38) 942 


Illinois Chicago 980 16.7% 163 1,143 


Indiana Indianapolis 980 0.9% 9 989 


Iowa Davenport 980 0.5% 5 985 


Iowa Waterloo 980 -6.4% (63) 917 


Kansas Wichita 980 -5.0% (49) 936 


Kentucky Louisville 980 -5.4% (53) 927 


Louisiana New Orleans 980 -5.2% (51) 929 


Maine Portland 980 -3.4% (33) 952 


Maryland Baltimore 980 20.4% 200 1,180 


Massachusetts Boston 980 40.0% 392 1,372 


Michigan Detroit 980 5.3% 52 1,032 


Michigan Grand Rapids 980 -5.3% (52) 928 


Minnesota St. Paul 980 4.5% 44 1,024 


Mississippi Jackson 980 -8.6% (84) 896 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Missouri St. Louis 980 5.6% 55 1,035 


Missouri Kansas City 980 2.7% 27 1,007 


Montana Great Falls 980 -2.4% (24) 956 


Nebraska Omaha 980 -1.5% (15) 965 


New Hampshire Concord 980 7.3% 72 1,052 


New Jersey Newark 980 22.1% 217 1,197 


New Mexico Albuquerque 980 -2.4% (24) 956 


New York New York 980 68.4% 670 1,650 


New York Syracuse 980 16.3% 160 1,140 


Nevada Las Vegas 980 6.2% 61 1,041 


North Carolina Charlotte 980 -10.5% (102) 888 


North Dakota Bismarck 980 -5.4% (53) 927 


Ohio Cincinnati 980 -1.7% (17) 963 


Oregon Portland 980 13.2% 130 1,110 


Pennsylvania Philadelphia 980 26.1% 255 1,235 


Pennsylvania Wilkes-Barre 980 -1.7% (17) 963 


Rhode Island Providence 980 22.0% 215 1,195 


South Carolina Spartanburg 980 -12.8% (126) 854 


South Dakota Rapid City 980 -8.0% (78) 902 


Tennessee Knoxville 980 -8.5% (84) 896 


Texas Houston 980 -8.8% (87) 893 


Utah Salt Lake City 980 -4.0% (39) 941 


Vermont Burlington 980 -0.1% (1) 979 


Virginia Alexandria 980 16.0% 157 1,137 


Virginia Lynchburg 980 -5.8% (57) 923 


Washington Seattle 980 7.0% 68 1,048 


Washington Spokane 980 -2.6% (25) 955 


West Virginia Charleston 980 0.1% 1 981 


Wisconsin Green Bay 980 -1.3% (13) 967 


Wyoming Cheyenne 980 -0.5% (4) 976 


Puerto Rico Cayey 980 10.9% 106 1,086 


5.5 O&M ESTIMATE 
In addition to the general O&M items discussed in Section 2.5.2., the Conventional NGCC 
Facility includes the major maintenance for the CTs, as well as the BOP, including the ST, 
associated electric generators, HRSGs, and emissions reduction catalysts.  These major 
maintenance expenses are included with the VOM expense for this technology and are given on 
an average basis across the MWhs incurred.  Typically, significant overhauls on a Conventional 
NGCC Facility occur no less frequently than 24,000 operating hour intervals.  Table 5-3 presents 
the O&M expenses for the Conventional NGCC Facility. 
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TABLE 5-3 – O&M EXPENSES FOR CONVENTIONAL NGCC 


Technology: Conventional NGCC 
Fixed O&M Expense $14.39/kW-year 


Variable O&M Expense $3.43/MWh 


5.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
The Conventional NGCC utilizes DLN combustion systems in the primary combustion zone of 
the CT and best available burner technology with respect to the duct burners in the HRSGs to 
manage the production of NOX and CO.  Additional control of NOX and CO is accomplished 
through an SCR and an oxidization catalyst, respectively.  Oxides of sulfur in the Conventional 
NGCC are managed through the natural gas fuel quality, which is generally very low in sulfur 
U.S. domestic pipeline quality natural gas, and consequently the low sulfur content translates 
into SO2 after combustion.  The Conventional NGCC does not include any control devices for 
CO2, which is proportional the heat rate (inversely proportional to the efficiency) of the 
technology.  Water, wastewater, and solid waste compliance are achieved through traditional on-
site and off-site methods, and the costs for such compliance are included in the O&M estimate 
for the Conventional NGCC Facility.  Table 5-4 presents environmental emissions for the 
Conventional NGCC Facility. 


TABLE 5-4 – ENVIRONMENTAL EMISSIONS FOR CONVENTIONAL NGCC 


  Technology: Conventional NGCC 
NOX 0.0075 lb/MMBtu 
SO2 0.001 lb/MMBtu 
CO2 117 lb/MMBtu 
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6. ADVANCED GENERATION NATURAL GAS COMBINED CYCLE (AG-NGCC) 
6.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The Advanced Generation (“AG”)-NGCC design is the same as the Conventional NGCC, except 
an H-class CT is utilized in lieu of F-class, and there is only one CT/HRSG supporting the ST 
included.  Since the H-class CT design employees steam cooling of both stationary and rotational 
hot parts, the HRSG systems and the ST are both considered “advanced” designs, as compared to 
the Conventional NGCC.  The net output of the AG-NGCC is 400 MW.  Figure 6-1 presents the 
AG-NGCC process flow diagram. 


FIGURE 6-1 – AG-NGCC DESIGN CONFIGURATION 


 


6.2 ELECTRICAL AND CONTROL SYSTEMS 
The AG-NGCC electrical and control systems are similar to the Conventional NGCC Facility, 
except that the sizing of the generators and transformers are larger to support the larger CT and 
ST equipment utilized in the AG-NGCC.   


6.3 OFF-SITE REQUIREMENTS 
The off-site requirements for the AG-NGCC Facility are the same as the Conventional NGCC.  
Refer to Section 5.3 for the description of the Conventional NGCC off-site requirements. 


6.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the AG-NGCC Facility with a nominal capacity of 400 MW is 
$1,003/kW.  Table 6-1 summarizes the Cost Estimate categories for the Conventional NGCC 
Facility.   
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TABLE 6-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR AG-NGCC  


Technology: AG-NGCC 
Nominal Capacity (ISO): 400,000 kW 


Nominal Heat Rate (ISO): 6,430 Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     20,610 
   
Mechanical Equipment Supply and 
Installation     178,650 
   
Electrical / I&C Supply and Installation  24,800 
   


Project Indirects (1)  68,300 
   
EPC Cost before Contingency and Fee  292,360 
   
Fee and Contingency  42,000 
   
Total Project EPC  334,360 
   
Owner Costs (excluding project finance)  66,872 
   
Total Project Cost (excluding finance)  401,232 
   
Total Project EPC  / kW 836 
   
Owner Costs 20% (excluding project finance)  / kW 167 
   
Total Project Cost (excluding project finance)  / kW 1,003 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


   


The locational adjustments for the AG-NGCC Facility similar to those made for the 
Conventional NGCC Facility.   


Table 6-2 presents the AG-NGCC Facility capital cost variations for alternative U.S. plant 
locations, including the difference between the given location and the average location specified 
for the Cost Estimate. 







 


 6-3


TABLE 6-2 – LOCATION-BASED COSTS FOR AG-NGCC  
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 1,005 32.4% 325 1,330 


Alaska Fairbanks 1,005 37.2% 374 1,379 


Alabama Huntsville 1,005 -8.3% (84) 921 


Arizona Phoenix 1,005 2.6% 26 1,031 


Arkansas Little Rock 1,005 -6.7% (67) 938 


California Los Angeles 1,005 28.2% 283 1,288 


California Redding 1,005 13.1% 132 1,137 


California Bakersfield 1,005 15.4% 154 1,159 


California Sacramento 1,005 19.9% 200 1,205 


California San Francisco 1,005 44.9% 451 1,456 


Colorado Denver 1,005 2.1% 21 1,026 


Connecticut Hartford 1,005 27.2% 273 1,278 


Delaware Dover 1,005 25.5% 256 1,261 


District of Columbia Washington 1,005 32.5% 326 1,331 


Florida Tallahassee 1,005 -11.2% (113) 892 


Florida Tampa 1,005 -5.8% (58) 947 


Georgia Atlanta 1,005 -6.3% (64) 941 


Hawaii Honolulu 1,005 48.9% 492 1,497 


Idaho Boise 1,005 -3.7% (38) 967 


Illinois Chicago 1,005 16.1% 162 1,167 


Indiana Indianapolis 1,005 0.9% 9 1,014 


Iowa Davenport 1,005 0.5% 5 1,010 


Iowa Waterloo 1,005 -6.2% (62) 943 


Kansas Wichita 1,005 -4.3% (43) 962 


Kentucky Louisville 1,005 -5.2% (52) 953 


Louisiana New Orleans 1,005 -5.0% (50) 955 


Maine Portland 1,005 -2.7% (27) 978 


Maryland Baltimore 1,005 19.9% 200 1,205 


Massachusetts Boston 1,005 38.9% 391 1,396 


Michigan Detroit 1,005 5.2% 52 1,057 


Michigan Grand Rapids 1,005 -5.1% (51) 954 


Minnesota St. Paul 1,005 4.4% 44 1,049 


Mississippi Jackson 1,005 -8.3% (83) 922 


Missouri St. Louis 1,005 5.4% 54 1,059 


Missouri Kansas City 1,005 2.6% 26 1,031 


Montana Great Falls 1,005 -2.3% (24) 981 


Nebraska Omaha 1,005 -1.4% (14) 991 


New Hampshire Concord 1,005 7.2% 72 1,077 


New Jersey Newark 1,005 21.4% 215 1,220 


New Mexico Albuquerque 1,005 -2.3% (23) 982 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New York New York 1,005 66.4% 667 1,672 


New York Syracuse 1,005 15.9% 160 1,165 


Nevada Las Vegas 1,005 6.0% 61 1,066 


North Carolina Charlotte 1,005 -9.1% (91) 914 


North Dakota Bismarck 1,005 -5.2% (52) 953 


Ohio Cincinnati 1,005 -1.6% (16) 989 


Oregon Portland 1,005 12.9% 130 1,135 


Pennsylvania Philadelphia 1,005 25.3% 254 1,259 


Pennsylvania Wilkes-Barre 1,005 -1.6% (16) 989 


Rhode Island Providence 1,005 21.4% 215 1,220 


South Carolina Spartanburg 1,005 -12.4% (125) 880 


South Dakota Rapid City 1,005 -7.7% (77) 928 


Tennessee Knoxville 1,005 -8.2% (83) 922 


Texas Houston 1,005 -8.5% (86) 919 


Utah Salt Lake City 1,005 -3.8% (38) 967 


Vermont Burlington 1,005 0.0% (0) 1,005 


Virginia Alexandria 1,005 15.6% 157 1,162 


Virginia Lynchburg 1,005 -5.6% (56) 949 


Washington Seattle 1,005 6.8% 68 1,073 


Washington Spokane 1,005 -2.5% (25) 980 


West Virginia Charleston 1,005 0.1% 1 1,006 


Wisconsin Green Bay 1,005 -1.3% (13) 992 


Wyoming Cheyenne 1,005 -0.4% (4) 1,001 


Puerto Rico Cayey 1,005 10.6% 107 1,112 


6.5 O&M ESTIMATE 
The O&M items for the AG-NGCC Facility are the same as those described in Section 5.5 for 
the Conventional NGCC Facility.  Table 6-3 presents the O&M expenses for the AG-NGCC 
Facility. 


TABLE 6-3 – O&M EXPENSES FOR AG-NGCC   


Technology: AG-NGCC 
Fixed O&M Expense $14.62/kW-year 


Variable O&M Expense $3.11/MWh 


6.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
The environmental compliance strategy and equipment for the AG-NGCC Facility is the same as 
those described in Section 5.6 for the Conventional NGCC Facility.  Table 6-4 presents 
environmental emissions for the AG-NGCC Facility. 
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TABLE 6-4 – ENVIRONMENTAL EMISSIONS FOR AG-NGCC 


Technology: AG-NGCC 
NOX 0.0075 lb/MMBtu 
SO2 0.001 lb/MMBtu 
CO2 117 lb/MMBtu 
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7. ADVANCED GENERATION NATURAL GAS COMBINED CYCLE WITH CCS 
(AG-NGCC/CCS) 


7.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The plant configuration for the AG-NGCC/CCS Facility is the same as the AG-NGCC Facility 
with the exception that an amine system based on MEA as the solvent is included for CO2 


capture from the flue gas.  The captured CO2 is compressed to approximately 2,000 psia for 
injection into a pipeline at the plant fence line.  Figure 7-1 presents the AG-NGCC with CCS 
process flow diagram.  


FIGURE 7-1 – AG-NGCC WITH CCS DESIGN CONFIGURATION 


 


7.2 ELECTRICAL AND CONTROL SYSTEMS 
The electrical and control systems for the AG-NGCC/CCS Facility are materially similar to the 
AG-NGCC Facility described in Section 6.2. 


7.3 OFF-SITE REQUIREMENTS 
The off-site requirements for the AG-NGCC/CCS Facility are materially similar to the 
AG-NGCC Facility, except that the CO2 needs sequestering in one of the following geologic 
formations:  (1) exhausted gas storage location, (2) unminable coal seam, (3) enhanced oil 
recovery, or (4) saline aquifer.  To the extent that a sequestration site is not near the given facility 
being analyzed, transportation for a viable sequestration site has the potential to materially affect 
the capital cost estimates discussed below. 


7.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the AG-NGCC/CCS Facility with a nominal capacity of 340 MW is 
$2,060/kW.  The capital cost estimate was based on the AG-NGCC (without CCS) and the base 
cost estimate was increased to include the expected costs of CCS.  Table 7-1 summarizes the 
Cost Estimate categories for the AG-NGCC/CCS Facility.   
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TABLE 7-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR AG-NGCC/CCS 
COST 


Technology: AG-NGCC/CCS 
Nominal Capacity (ISO): 340,000 kW 


Nominal Heat Rate (ISO): 7,525 Btu/kWh-HHV 
   
Total Project EPC  583,667 
   
Owner Costs (excluding project finance)  116,733 
   
Total Project Cost (excluding finance)  700,400 
   
Total Project EPC  / kW 1,717 
   
Owner Costs 20% (excluding project finance)  / kW 343 
   
Total Project Cost (excluding project finance)  / kW 2,060 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


   


The locational adjustments for the AG-NGCC/CCS Facility are similar to those made for the 
Conventional NGCC Facility, described in Section 5.4.   


Table 7-2 presents the AG-NGCC/CCS Facility capital cost variations for alternative U.S. plant 
locations, including the difference between the given location and the average location specified 
for the Cost Estimate. 







 


 7-3


TABLE 7-2 – LOCATION-BASED COSTS FOR AG-NGCC/CCS  
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 2,060 20.8% 428 2,488 


Alaska Fairbanks 2,060 23.7% 488 2,548 


Alabama Huntsville 2,060 -8.5% (174) 1,886 


Arizona Phoenix 2,060 -2.3% (47) 2,013 


Arkansas Little Rock 2,060 -7.0% (143) 1,917 


California Los Angeles 2,060 16.1% 331 2,391 


California Redding 2,060 7.4% 152 2,212 


California Bakersfield 2,060 8.2% 169 2,229 


California Sacramento 2,060 13.3% 274 2,334 


California San Francisco 2,060 29.8% 615 2,675 


Colorado Denver 2,060 -2.9% (60) 2,000 


Connecticut Hartford 2,060 15.9% 328 2,388 


Delaware Dover 2,060 13.5% 278 2,338 


District of Columbia Washington 2,060 14.8% 305 2,365 


Florida Tallahassee 2,060 -11.4% (234) 1,826 


Florida Tampa 2,060 -5.3% (108) 1,952 


Georgia Atlanta 2,060 -7.9% (162) 1,898 


Hawaii Honolulu 2,060 26.8% 551 2,611 


Idaho Boise 2,060 -4.9% (100) 1,960 


Illinois Chicago 2,060 16.9% 348 2,408 


Indiana Indianapolis 2,060 -0.5% (11) 2,049 


Iowa Davenport 2,060 -0.6% (13) 2,047 


Iowa Waterloo 2,060 -8.2% (168) 1,892 


Kansas Wichita 2,060 -6.4% (132) 1,928 


Kentucky Louisville 2,060 -6.2% (127) 1,933 


Louisiana New Orleans 2,060 -8.5% (175) 1,885 


Maine Portland 2,060 -4.9% (102) 1,958 


Maryland Baltimore 2,060 7.3% 150 2,210 


Massachusetts Boston 2,060 26.6% 547 2,607 


Michigan Detroit 2,060 4.3% 88 2,148 


Michigan Grand Rapids 2,060 -7.0% (144) 1,916 


Minnesota St. Paul 2,060 3.7% 76 2,136 


Mississippi Jackson 2,060 -8.4% (173) 1,887 


Missouri St. Louis 2,060 4.4% 91 2,151 


Missouri Kansas City 2,060 2.3% 47 2,107 


Montana Great Falls 2,060 -4.5% (93) 1,967 


Nebraska Omaha 2,060 -3.2% (65) 1,995 


New Hampshire Concord 2,060 1.6% 34 2,094 


New Jersey Newark 2,060 18.8% 388 2,448 


New Mexico Albuquerque 2,060 -4.2% (86) 1,974 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New York New York 2,060 50.1% 1,032 3,092 


New York Syracuse 2,060 6.4% 133 2,193 


Nevada Las Vegas 2,060 6.1% 126 2,186 


North Carolina Charlotte 2,060 -10.8% (223) 1,837 


North Dakota Bismarck 2,060 -7.1% (146) 1,914 


Ohio Cincinnati 2,060 -3.4% (70) 1,990 


Oregon Portland 2,060 7.1% 146 2,206 


Pennsylvania Philadelphia 2,060 18.3% 378 2,438 


Pennsylvania Wilkes-Barre 2,060 -3.7% (77) 1,983 


Rhode Island Providence 2,060 11.9% 244 2,304 


South Carolina Spartanburg 2,060 -13.4% (275) 1,785 


South Dakota Rapid City 2,060 -9.8% (203) 1,857 


Tennessee Knoxville 2,060 -9.6% (197) 1,863 


Texas Houston 2,060 -9.6% (198) 1,862 


Utah Salt Lake City 2,060 -5.9% (123) 1,937 


Vermont Burlington 2,060 -4.0% (81) 1,979 


Virginia Alexandria 2,060 5.7% 118 2,178 


Virginia Lynchburg 2,060 -6.6% (137) 1,923 


Washington Seattle 2,060 6.0% 123 2,183 


Washington Spokane 2,060 -3.5% (71) 1,989 


West Virginia Charleston 2,060 -1.4% (30) 2,030 


Wisconsin Green Bay 2,060 -2.7% (55) 2,005 


Wyoming Cheyenne 2,060 -4.5% (92) 1,968 


Puerto Rico Cayey 2,060 1.7% 34 2,094 


7.5 O&M ESTIMATE 
The O&M items for the AG-NGCC/CCS Facility are the same as those set forth in Section 6.5 
for the AG-NGCC Facility, except that adders are included to both FOM and VOM to 
accommodate the expenses associated with compressor maintenance, sequestration maintenance, 
and the associated additional labor required to manage, operate, and maintain the additional 
equipment.  Table 7-3 presents the O&M expenses for the AG-NGCC/CCS Facility. 


TABLE 7-3 – O&M EXPENSES FOR AG-NGCC WITH CCS 


Technology: AG-NGCC/CCS 
Fixed O&M Expense $30.25/kW-year 


Variable O&M Expense $6.45/MWh 


7.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
The environmental compliance strategy and equipment for the AG-NGCC Facility are the same 
as those described in Section 5.6 for the Conventional NGCC Facility, with the exception that 
the AG-NGCC with CCS Facility includes an amine scrubber control device for CO2.  Table 7-4 
presents environmental emissions for the AG-NGCC/CCS Facility. 
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TABLE 7-4 – ENVIRONMENTAL EMISSIONS FOR AG-NGCC/CCS 


    Technology: AG-NGCC/CCS 
NOX 0.0075 lb/MMBtu 
SO2 0.001 lb/MMBtu 
CO2 12 lb/MMBtu 
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8. CONVENTIONAL COMBUSTION TURBINE (CT) 


8.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The Conventional CT Facility produces 85 MW of electricity using a single natural gas-fueled 
E-class CT and associated electric generator in simple-cycle mode.  The CT is equipped with an 
inlet evaporative cooler to reduce the temperature of the turbine inlet air to increase summer 
output.  Figure 8-1 presents the Conventional CT Facility process flow diagram. 


FIGURE 8-1 – CONVENTIONAL CT DESIGN CONFIGURATION 


 


8.2 ELECTRICAL AND CONTROL SYSTEMS 
The Conventional CT Facility has one CT electric generator.  The generator is a 60 Hz machine 
rated at approximately 101 MVA with an output voltage of 13.8 kV.  The CT electric generator 
is connected to a high-voltage bus in the Conventional CT Facility switchyard via a dedicated 
generator circuit breaker, GSU, and a disconnect switch.  The GSU increases the voltage from 
the electric generator from 13.8 kV to interconnected transmission system high voltage. 


The Conventional CT Facility is controlled using a DCS.  The DCS provides centralized control 
of the facility by integrating the control systems provided with the individual CT and associated 
electric generator and the control of BOP systems and equipment.   


8.3 OFF-SITE REQUIREMENTS 
Natural gas is delivered to the facility through an approximately lateral connected to the local 
natural gas trunk line.  Water for the limited processes that utilize water at the Conventional CT 
Facility is obtained from a one of several available water sources (e.g., municipal water supply).  
The Conventional CT Facility uses a water treatment system and a high-efficiency reverse 
osmosis system to reduce the dissolved solids for compressor cleaning.  Wastewater is sent to a 
municipal wastewater system.  Further, the electrical interconnection from the Conventional CT 
on-site switchyard is effectuated by a connection to an adjacent utility substation. 
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8.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the Conventional CT Facility with a nominal capacity of 85 MW is 
$975/kW.  Table 8-1 summarizes the Cost Estimate categories for the Conventional CT Facility.   


TABLE 8-1 – BASE PLANT SITE 
CAPITAL COST ESTIMATE FOR CONVENTIONAL CT 


Technology: Conventional CT 
Nominal Capacity (ISO): 85,000 kW 


Nominal Heat Rate (ISO): 10,850 Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     5,570 
   
Mechanical Equipment Supply and 
Installation     34,709 
   
Electrical / I&C Supply and Installation  10,700 
   


Project Indirects (1)  12,248 
   
EPC Cost before Contingency and Fee  63,227 
   
Fee and Contingency  5,757 
   
Total Project EPC  68,994 
   
Owner Costs (excluding project finance)  13,799 
   
Total Project Cost (excluding finance)  82,793 
   
Total Project EPC  / kW 812 
   
Owner Costs 20% (excluding project finance)  / kW 162 
   
Total Project Cost (excluding project finance)  / kW 974 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


   


For this type of technology and power plant configuration, our regional adjustments took into 
consideration the following:  outdoor installation considerations, seismic design differences, 
local technical enhancements (e.g., additional noise remediation that is generally required in 
urban siting), remote location issues, urban – high density population issues, labor wage and 
productivity differences, location adjustments, owner cost differences, and the increase in 
overheads associated with these previous eight location adjustments. 


Outdoor installation locations are considered in geographic areas where enclosed structures for 
the boilers would not be required due to the low probability of freezing.  The locations that were 
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included in outdoor installation are Alabama, Arizona, Arkansas, Florida, Georgia, Hawaii, 
Louisiana, Mississippi, New Mexico, South Carolina, and Puerto Rico.   


Seismic design differences among the various locations were based on U.S. seismic map 
information that detailed the various seismic zones throughout the U.S.  No cost increases were 
associated with seismic Zone 0 and cost step increases were considered for Zones 1, 2, 3 and 4. 


The locations with local technical enhancements include California, Colorado, Connecticut, 
Delaware, District of Columbia, Louisiana, Maryland, Massachusetts, New Jersey, New York, 
Rhode Island, Vermont, and Virginia.  These are areas where noise, visual impacts, and other 
technical enhancements generally need to be made by a project developer or utility to comply 
with the applicable permitting/siting requirements.   


Remote location issues are related to geographic areas that typically require installation of man 
camps, higher craft incentives, and higher per diems are generally required with respect to 
construction, due to the fact that such areas are long distances from urban areas, where labor is 
generally abundant.  Remote location designations were also considered in locations where 
higher equipment freight costs are typically incurred, which for example are regions not near 
established rail or highway access.  Remote locations related to the Conventional CT Facility 
include Fairbanks, Alaska; Honolulu, Hawaii; Albuquerque, New Mexico; Cheyenne, Wyoming; 
and Cayey, Puerto Rico. 


Labor wage and productivity differences were handled as discussed in Section 2.5.1, taking into 
consideration the amount of labor we estimated for the Conventional CT Facility.  


Location adjustments were made to locations where higher cost of living levels are incurred 
and/or where population density generally correlates to higher construction costs for power and 
other infrastructure projects.  These locations include Alaska, California, Connecticut, Delaware, 
District of Columbia, Hawaii, Illinois, Maine, Maryland, Massachusetts, Michigan, Minnesota, 
New York, Ohio, and Wisconsin. 


Owner costs were reviewed based on the need for utility upgrades and/or infrastructure costs 
such as new facility transmission lines to tie to existing utility transmission substations or 
existing transmission lines.   


Table 8-2 presents the Conventional CT Facility capital cost variations for alternative U.S. plant 
locations. 
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TABLE 8-2 – LOCATION-BASED COSTS FOR CONVENTIONAL CT  
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 975 31.7% 309 1,284 


Alaska Fairbanks 975 36.5% 355 1,330 


Alabama Huntsville 975 -5.1% (50) 925 


Arizona Phoenix 975 -3.5% (34) 941 


Arkansas Little Rock 975 -3.7% (36) 939 


California Los Angeles 975 19.0% 185 1,160 


California Redding 975 3.9% 38 1,013 


California Bakersfield 975 6.3% 61 1,036 


California Sacramento 975 10.0% 97 1,072 


California San Francisco 975 34.2% 334 1,309 


Colorado Denver 975 -0.5% (5) 970 


Connecticut Hartford 975 17.8% 174 1,149 


Delaware Dover 975 16.6% 162 1,137 


District of Columbia Washington 975 24.5% 239 1,214 


Florida Tallahassee 975 -7.6% (74) 901 


Florida Tampa 975 -3.1% (31) 944 


Georgia Atlanta 975 -2.9% (29) 946 


Hawaii Honolulu 975 51.5% 502 1,477 


Idaho Boise 975 -2.8% (28) 947 


Illinois Chicago 975 13.6% 132 1,107 


Indiana Indianapolis 975 1.3% 13 988 


Iowa Davenport 975 0.9% 8 983 


Iowa Waterloo 975 -4.6% (45) 930 


Kansas Wichita 975 -3.0% (29) 946 


Kentucky Louisville 975 -4.1% (40) 935 


Louisiana New Orleans 975 -1.1% (11) 964 


Maine Portland 975 -1.6% (15) 960 


Maryland Baltimore 975 12.0% 117 1,092 


Massachusetts Boston 975 28.2% 275 1,250 


Michigan Detroit 975 4.8% 46 1,021 


Michigan Grand Rapids 975 -3.8% (37) 938 


Minnesota St. Paul 975 4.0% 39 1,014 


Mississippi Jackson 975 -5.1% (49) 926 


Missouri St. Louis 975 5.0% 48 1,023 


Missouri Kansas City 975 2.4% 23 998 


Montana Great Falls 975 -1.3% (12) 963 


Nebraska Omaha 975 -0.6% (6) 969 


New Hampshire Concord 975 -1.3% (13) 962 


New Jersey Newark 975 19.3% 188 1,163 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New Mexico Albuquerque 975 0.6% 6 981 


New York New York 975 53.2% 518 1,493 


New York Syracuse 975 7.5% 73 1,048 


Nevada Las Vegas 975 5.2% 50 1,025 


North Carolina Charlotte 975 -7.2% (70) 905 


North Dakota Bismarck 975 -3.8% (38) 937 


Ohio Cincinnati 975 -0.8% (8) 967 


Oregon Portland 975 3.7% 36 1,011 


Pennsylvania Philadelphia 975 14.8% 144 1,119 


Pennsylvania Wilkes-Barre 975 -0.7% (7) 968 


Rhode Island Providence 975 12.2% 119 1,094 


South Carolina Spartanburg 975 -8.3% (81) 894 


South Dakota Rapid City 975 -5.8% (57) 918 


Tennessee Knoxville 975 -6.6% (65) 910 


Texas Houston 975 -7.0% (68) 907 


Utah Salt Lake City 975 -2.6% (25) 950 


Vermont Burlington 975 1.3% 13 988 


Virginia Alexandria 975 7.4% 72 1,047 


Virginia Lynchburg 975 -4.5% (44) 931 


Washington Seattle 975 6.1% 59 1,034 


Washington Spokane 975 -1.8% (18) 957 


West Virginia Charleston 975 0.6% 6 981 


Wisconsin Green Bay 975 -0.6% (6) 969 


Wyoming Cheyenne 975 1.0% 10 985 


Puerto Rico Cayey 975 4.8% 47 1,022 


8.5 O&M ESTIMATE 
In addition to the general O&M items discussed in Section 2.5.2, the Conventional CT Facility 
includes the major maintenance for the CT and associated electric generator.  These major 
maintenance expenses are included with the VOM expense for this technology, based upon an 
assumed 10 percent annual capacity factor and an operating profile of approximately 8 hours of 
operation per CT start.  Typically, significant overhauls on a Conventional CT Facility occur no 
less frequently than 8,000 operating hour intervals; with more significant major maintenance 
outages occurring at 24,000 operating hour intervals; however, often times the major 
maintenance for a CT at a peaking facility is driven off of CT hours (depending on the 
equipment manufacturer and the operating hours per start incurred on the equipment).  Table 8-3 
presents the O&M expenses for the Conventional CT Facility. 
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TABLE 8-3 – O&M EXPENSES FOR CONVENTIONAL CT  


Technology: Conventional CT 
Fixed O&M Expense $6.98/kW-year 


Variable O&M Expense $14.70/MWh 


8.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
Typically, a Conventional CT Facility would be equipped with only the DLN combustion 
hardware to mitigate emissions.  There are some states in the U.S. that do require a “hot” SCR 
that can operate at the higher exhaust temperatures of a simple-cycle plant, though that 
equipment was not contemplated herein. 


TABLE 8-4 – ENVIRONMENTAL EMISSIONS FOR CONVENTIONAL CT 


Technology: Conventional CT 
NOX 0.03 lb/MMBtu 
SO2 0.001 lb/MMBtu 
CO2 117 lb/MMBtu 
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9. ADVANCED COMBUSTION TURBINE (ACT) 


9.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The Advanced CT Facility produces 210 MW of electricity using a single natural gas-fueled, 
state of the art (as of 2010) F-class CT and associated electric generator.  The CT is equipped 
with an inlet evaporative cooler to reduce the temperature of the turbine inlet air to increase 
summer output.  Figure 9-1 presents the Advanced CT process flow diagram. 


FIGURE 9-1 – ADVANCED CT DESIGN CONFIGURATION 


 


9.2 ELECTRICAL AND CONTROL SYSTEMS 
The Advanced CT Facility has the same general electrical and control systems as the 
Conventional CT Facility, except that the electric generator is rated at approximately 234 MVA 
and the corresponding GSU is larger in the Advanced CT Facility.   


9.3 OFF-SITE REQUIREMENTS 
The off-site requirements for the Advanced CT Facility are materially similar to the 
Conventional CT Facility. 


9.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the Advanced CT Facility with a nominal capacity of 210 MW is 
$665/kW.  Table 9-1 summarizes the Cost Estimate categories for the Advanced CT Facility.   
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TABLE 9-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR ADVANCED CT 


Technology: Advanced CT 
Nominal Capacity (ISO): 210,000 kW 


Nominal Heat Rate (ISO): 9,750 Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     11,800 
   
Mechanical Equipment Supply and 
Installation     58,700 
   
Electrical / I&C Supply and Installation  15,300 
   


Project Indirects (1)  16,460 
   
EPC Cost before Contingency and Fee  102,260 
   
Fee and Contingency  14,196 
   
Total Project EPC  116,456 
   
Owner Costs (excluding project finance)  23,291 
   
Total Project Cost (excluding finance)  139,747 
   
Total Project EPC  / kW 554 
   
Owner Costs 20% (excluding project finance)  / kW 111 
   
Total Project Cost (excluding project finance)  / kW 665 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


 


The locational considerations for the Advanced CT Facility are the same as those set forth in the 
section on the Conventional CT Facility.   


Table 9-2 presents the Advanced CT Facility capital cost variations for alternative U.S. plant 
locations. 
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TABLE 9-2 – LOCATION-BASED COSTS FOR ADVANCED CT 
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 665 41.9% 279 944 


Alaska Fairbanks 665 48.4% 322 987 


Alabama Huntsville 665 -3.5% (23) 642 


Arizona Phoenix 665 -1.9% (12) 653 


Arkansas Little Rock 665 -2.0% (13) 652 


California Los Angeles 665 25.7% 171 836 


California Redding 665 4.8% 32 697 


California Bakersfield 665 8.5% 57 722 


California Sacramento 665 11.3% 75 740 


California San Francisco 665 42.9% 285 950 


Colorado Denver 665 2.9% 19 684 


Connecticut Hartford 665 23.7% 157 822 


Delaware Dover 665 23.3% 155 820 


District of Columbia Washington 665 36.9% 245 910 


Florida Tallahassee 665 -5.7% (38) 627 


Florida Tampa 665 -2.4% (16) 649 


Georgia Atlanta 665 0.1% 1 666 


Hawaii Honolulu 665 72.8% 484 1,149 


Idaho Boise 665 -1.4% (9) 656 


Illinois Chicago 665 11.6% 77 742 


Indiana Indianapolis 665 2.8% 18 683 


Iowa Davenport 665 2.1% 14 679 


Iowa Waterloo 665 -2.0% (14) 651 


Kansas Wichita 665 -0.5% (3) 662 


Kentucky Louisville 665 -2.7% (18) 647 


Louisiana New Orleans 665 3.9% 26 691 


Maine Portland 665 1.0% 7 672 


Maryland Baltimore 665 19.9% 132 797 


Massachusetts Boston 665 34.3% 228 893 


Michigan Detroit 665 5.4% 36 701 


Michigan Grand Rapids 665 -1.4% (9) 656 


Minnesota St. Paul 665 4.4% 29 694 


Mississippi Jackson 665 -3.4% (23) 642 


Missouri St. Louis 665 5.6% 38 703 


Missouri Kansas City 665 2.5% 17 682 


Montana Great Falls 665 1.2% 8 673 


Nebraska Omaha 665 1.3% 9 674 


New Hampshire Concord 665 -0.2% (2) 663 


New Jersey Newark 665 20.6% 137 802 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New Mexico Albuquerque 665 3.7% 25 690 


New York New York 665 61.7% 410 1,075 


New York Syracuse 665 12.2% 81 746 


Nevada Las Vegas 665 4.6% 31 696 


North Carolina Charlotte 665 -4.6% (31) 634 


North Dakota Bismarck 665 -1.5% (10) 655 


Ohio Cincinnati 665 1.2% 8 673 


Oregon Portland 665 4.7% 31 696 


Pennsylvania Philadelphia 665 16.1% 107 772 


Pennsylvania Wilkes-Barre 665 1.7% 11 676 


Rhode Island Providence 665 16.6% 111 776 


South Carolina Spartanburg 665 -5.5% (37) 628 


South Dakota Rapid City 665 -3.0% (20) 645 


Tennessee Knoxville 665 -4.6% (31) 634 


Texas Houston 665 -5.2% (35) 630 


Utah Salt Lake City 665 0.0% (0) 665 


Vermont Burlington 665 5.6% 37 702 


Virginia Alexandria 665 12.6% 84 749 


Virginia Lynchburg 665 -3.0% (20) 645 


Washington Seattle 665 6.5% 43 708 


Washington Spokane 665 -0.6% (4) 661 


West Virginia Charleston 665 2.3% 15 680 


Wisconsin Green Bay 665 1.0% 6 671 


Wyoming Cheyenne 665 5.5% 36 701 


Puerto Rico Cayey 665 10.3% 68 733 


9.5 O&M ESTIMATE 
The O&M items for the Advanced CT Facility are the same as those set forth in Section 8.5 for 
the Conventional CT Facility.  Table 9-3 presents the O&M expenses for the Advanced CT 
Facility. 


TABLE 9-3 – O&M EXPENSES FOR ADVANCED CT  


Technology: Advanced CT 
Fixed O&M Expense $6.70/kW-year 


Variable O&M Expense $9.87/MWh 


9.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
The environmental compliance strategy and equipment for the Advanced CT Facility are the 
same as those used for the Conventional CT Facility (see Section 8.6).  Table 9-4 presents 
environmental emissions for the Advanced CT Facility. 







 


 9-5


TABLE 9-4 – ENVIRONMENTAL EMISSIONS FOR ADVANCED CT 


Technology: Advanced CT 
NOX 0.03 lb/MMBtu 
SO2 0.001 lb/MMBtu 
CO2 117 lb/MMBtu 
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10. INTEGRATED GASIFICATION COMBINED CYCLE (IGCC) 


10.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The following describes the IGCC Facility, which is a nominal 600 MW net coal-fired 
gasification-to-power facility.  An analysis is also provided for a nominally 1,200 MW coal-fired 
gasification-to-power facility, which is essentially a dual-unit configuration, based on doubling 
the single-unit description provided below; however, a detailed technical description (due to the 
similarities/duplication with the single unit) is not provided herein.  The feed for the gasification 
system is a slurry of water and ground coal and/or petroleum coke.  The raw feedstock is ground 
in rod mills along with recycled water and slag fines to form the slurry.  A fluxing agent is also 
added, if necessary, depending on the properties of the feedstock, to facilitate slagging at 
appropriate temperatures in the gasifier. 


Air separation units (“ASU”) provide a 95 percent-pure oxygen (“O2”) stream for gasification, 
and nitrogen for use as a diluent in the CTs, and for purging the gasifiers. 


The IGCC Facility is based on two trains of ConocoPhillips (E-Gas®) gasifier, which is a 
two-stage, refractory lined vessel that converts the slurry feed into syngas consisting of 
hydrogen, CO, CO2, methane, nitrogen, argon and water along with sulfur compounds in the 
form of hydrogen sulfide (“H2S”) and carbonyl sulfide (“COS”) and a small amount of NH3.  
The first stage is the slagging section in which the feedstock is partially combusted with O2 at 
elevated temperature and pressure (2,500 degrees ºF and 540 psia).  O2 and preheated slurry are 
fed to each of two opposing mixing nozzles at opposite ends of the horizontal section.  The 
gasification temperature is maintained above the ash fusion point to allow for slag formation and 
carbon conversion. 


The raw syngas from the first stage flows into the vertical second stage where additional feed 
slurry is introduced to take advantage of the sensible heat in the gas.  This fuel undergoes 
devolatization and pyrolysis generating additional syngas.  The endothermic nature of the 
reactions and the introduction of a quench fluid reduce the temperature of the gas exiting to the 
gasifier to approximately 1,900ºF.  At these temperatures (2,500ºF to 1,900ºF), two additional 
reactions occur, which change the character of the syngas as follows:  (1) carbon-steam to 
produce CO; and (2) water gas shift (steam and CO) to produce hydrogen and CO2.  In addition, 
the lower reaction temperature in the second stage allows the formation of methane.  Unreacted 
char is carried overhead and exits the reactor with the syngas.  This char is recycled to the first 
stage of gasification.   


The mineral matter in the feedstock and any fluxing agent form a molten slag that flows out of 
the horizontal section into water quench bath.  The cooled slag exits the bottom of the quench, is 
crushed and exits the unit through a continuous slag removal system as a slurry. 


The hot raw syngas is cooled in a vertical fire tube boiler from 1,900ºF to 700ºF.  The hot gas is 
on the tube side with pressurized water on the shell side.  This unit generates HP saturated steam.  
The saturated steam is sent to the HRSGs in the power block. 


After cooling, the syngas is cleaned of entrained particles in a filter vessel containing numerous 
candlestick-type filter elements.  The particles collect on the filter elements producing an 
essentially particulate matter free syngas that proceeds through the system. 
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Captured particulate matter is cleaned from the filter elements using cleaned syngas (in a 
back-pulse mode) and the carbon-rich material is pneumatically conveyed back to the first stage 
of the gasifier for conversion.   


Following particulate matter removal, the syngas is scrubbed with water to remove chlorine and 
trace metals.  The scrubbing medium is condensed sour water from the low-temperature heat 
recovery system. 


After the chlorine scrubber, the raw syngas is treated in COS hydrolysis units, which convert the 
COS in the syngas to H2S.  The syngas is then cooled to approximately 100°F in a series of shell 
and tube heat exchangers in a step known as low-temperature heat recovery.  This cooling 
removes most of the water in the syngas.  In addition, most of the NH3 and a small portion of 
CO2 and H2S are absorbed in the water.  A portion of the condensed water is used in the chlorine 
scrubber with the remainder sent to sour water treatment.  The low temperature heat removed 
prior to acid gas removal (“AGR”) is used within the process. 


After low-temperature heat recovery, the H2S is then removed in the AGR units.  The AGR units 
use the Selexol solvent in a single absorption stage to remove much of the sulfur from the 
syngas.  The syngas passes through a mercury removal system consisting of sulfated activated 
carbon beds.  Finally, the treated syngas is moisturized and sent to the power block.   


The acid gas streams containing H2S and COS with some CO2 from AGR and sour water 
treatment are fed to the sulfur recovery units (“SRUs”).  The SRUs are based on a standard Claus 
process to convert the acid gas to pure molten sulfur.  The tail gas from the SRUs, composed of 
CO2, nitrogen, and small amounts of sulfur, is catalytically hydrogenated to convert all of the 
sulfur to H2S.  This converted tail gas is compressed and recycled to the gasifiers.   


Process water blowdown and water condensed during cooling of the sour syngas contains small 
amounts of dissolved gases (H2S, CO2 and NH3).  This water is treated in sour water stripping 
units and either recycled to slurry preparation or further treated in a zero-liquid discharge 
(“ZLD”) system to recover and reuse water.  Solid waste from the ZLD is landfilled. 


The power block for the IGCC Facility case is based on a two-on-one combined-cycle 
configuration using F-class CTs.  The combined cycle is similar to the Conventional NGCC 
Facility except the CTs are designed to combust natural gas and/or syngas, and the combustors 
are not DLN.  Figure 10-1 presents the IGCC process flow diagram. 
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FIGURE 10-1 – IGCC DESIGN CONFIGURATION 


 


10.2 ELECTRICAL AND CONTROL SYSTEMS 
The IGCC Facility has two CT electric generators and one ST electric generator.  The generators 
for the CTs are 60 Hz machines rated at approximately 255 MVA with an output voltage of 
18 kV.  The ST electric generator is a 60 Hz machine rated at approximately 333 MVA with an 
output voltage of 18 kV.  Each CT electric generator is connected to a high-voltage bus in the 
IGCC Facility switchyard via a dedicated generator circuit breaker, GSU, and a disconnect 
switch.  The ST electric generator is connected directly to its GSU and connected through a 
disconnect switch between two breakers on the high-voltage bus.   The GSUs increase the 
voltage from the electric generators from 18 kV to interconnected transmission system high 
voltage. 


The IGCC Facility is controlled using a DCS.  The DCS provides centralized control of the 
facility by integrating the control systems provided with each individual CT and associated 
electric generator, ST and associated electric generator, and the control of BOP systems and 
equipment. 


10.3 OFF-SITE REQUIREMENTS 
Coal is delivered to the IGCC Facility by rail, truck or barge.  Water for all processes at the 
IGCC is obtained from one of several available water sources; however, water is typically 
sourced from an adjacent river, when possible.  The IGCC uses a water treatment system and a 
high-efficiency reverse osmosis system to reduce the dissolved solids from the cooling water and 
to provide distilled water for HRSG makeup.  Wastewater is sent to an adjacent river or other 
approved wastewater delivery point.  Further, the electrical interconnection from the IGCC on-
site switchyard is effectuated by a connection to an adjacent utility substation. 
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10.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the IGCC Facility with a nominal capacity of 600 MW is $3,565/kW 
and with a nominal capacity of 1,200 MW is $3,221/kW.  Table 10-1 and Table 10-2 summarize 
the Cost Estimate categories for the IGCC Facility.   


TABLE 10-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR IGCC 


Technology: IGCC 
Nominal Capacity (ISO): 600,000 kW 


Nominal Heat Rate (ISO): 8,700 Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     102,121 
   
Mechanical Equipment Supply and 
Installation     975,212 
   
Electrical / I&C Supply and Installation  200,708 
   


Project Indirects (1)  313,558 
   
EPC Cost before Contingency and Fee  1,591,599 
   
Fee and Contingency  190,992 
   
Total Project EPC  1,782,591 
   
Owner Costs (excluding project finance)  356,518 
   
Total Project Cost (excluding finance)  2,139,109 
   
Total Project EPC  / kW 2,971 
   
Owner Costs 20% (excluding project finance)  / kW 594 
   
Total Project Cost (excluding project finance)  / kW 3,565 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 
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TABLE 10-2 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR IGCC 


Technology: IGCC 
Nominal Capacity (ISO): 1,200,000 kW 


Nominal Heat Rate (ISO): 8,700 Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     178,606 
   
Mechanical Equipment Supply and 
Installation     1,859,974 
   
Electrical / I&C Supply and Installation  364,745 
   


Project Indirects (1)  521,600 
   
EPC Cost before Contingency and Fee  2,924,925 
   
Fee and Contingency  350,991 
   
Total Project EPC  3,275,916 
   
Owner Costs (excluding project finance)  589,665 
   
Total Project Cost (excluding finance)  3,865,581 
   
Total Project EPC  / kW 2730 
   
Owner Costs 18% (excluding project finance)  / kW 491 
   
Total Project Cost (excluding project finance)  / kW 3,221 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


   


For this type of technology and power plant configuration, our regional adjustments took into 
consideration the following:  outdoor installation considerations, seismic design differences, 
remote location issues, labor wage and productivity differences, location adjustments, owner cost 
differences, and the increase in overheads associated with these six adjustments. 


Outdoor installation locations are considered in geographic areas where enclosed structures for 
the boilers would not be required due to the low probability of freezing.  The locations that 
included outdoor installation are Alabama, Arizona, Arkansas, Florida, Georgia, Hawaii, 
Louisiana, Mississippi, New Mexico, South Carolina, and Puerto Rico.   


Seismic design differences among the various locations were based on U.S. seismic map 
information that detailed the various seismic zones throughout the U.S.  No cost increases were 
associated with seismic Zone 0 and cost step increases were considered for Zones 1, 2, 3 and 4. 
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Remote locations issues are related to geographic areas that typically require installation of man 
camps, higher craft incentives, and higher per diems for construction, because such areas are 
long distances from urban areas, where labor is generally abundant.  Remote location 
designations were also considered in locations where higher equipment freight costs are typically 
incurred, which for example are regions not near established rail or highway access.  Remote 
locations related to the IGCC Facility include Fairbanks, Alaska; Honolulu, Hawaii; 
Albuquerque, New Mexico; Cheyenne, Wyoming; and Cayey, Puerto Rico. 


Labor wage and productivity differences were handled as discussed in Section 2.5.1, taking into 
consideration the amount of labor we estimated for the IGCC Facility.  


Location adjustments were made to locations where higher cost of living levels are incurred 
and/or where population density generally correlates to higher construction costs for power and 
other infrastructure projects.  These locations include Alaska, California, Connecticut, Delaware, 
District of Columbia, Hawaii, Illinois, Maine, Maryland, Massachusetts, Michigan, Minnesota, 
New York, Ohio, and Wisconsin. 


Owner costs were reviewed based on the need for utility upgrades and/or infrastructure costs 
such as new facility transmission lines to tie to existing utility transmission substations or 
existing transmission lines.   


Table 10-3 and Table 10-4 present the IGCC Facility capital cost variations for alternative U.S. 
plant locations. 
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TABLE 10-3 – LOCATION-BASED COSTS FOR IGCC (600,000 KW) 
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 3,565 29.4% 1,049 4,614 


Alaska Fairbanks 3,565 28.5% 1,016 4,581 


Alabama Huntsville 3,565 -6.5% (232) 3,333 


Arizona Phoenix 3,565 -4.5% (160) 3,405 


Arkansas Little Rock 3,565 -4.7% (167) 3,398 


California Los Angeles 3,565 18.1% 645 4,210 


California Redding 3,565 8.7% 312 3,877 


California Bakersfield 3,565 8.4% 299 3,864 


California Sacramento 3,565 12.8% 455 4,020 


California San Francisco 3,565 37.6% 1,342 4,907 


Colorado Denver 3,565 -5.2% (187) 3,378 


Connecticut Hartford 3,565 23.7% 846 4,411 


Delaware Dover 3,565 20.6% 734 4,299 


District of Columbia Washington 3,565 35.6% 1,269 4,834 


Florida Tallahassee 3,565 -9.5% (339) 3,226 


Florida Tampa 3,565 -4.3% (152) 3,413 


Georgia Atlanta 3,565 -7.1% (252) 3,313 


Hawaii Honolulu 0  0  


Idaho Boise 3,565 -3.2% (113) 3,452 


Illinois Chicago 3,565 17.4% 619 4,184 


Indiana Indianapolis 3,565 2.9% 103 3,668 


Iowa Davenport 3,565 -1.4% (48) 3,517 


Iowa Waterloo 3,565 -7.8% (279) 3,286 


Kansas Wichita 3,565 -5.8% (208) 3,357 


Kentucky Louisville 3,565 -4.8% (172) 3,393 


Louisiana New Orleans 3,565 -9.8% (348) 3,217 


Maine Portland 3,565 -0.4% (14) 3,551 


Maryland Baltimore 3,565 4.3% 153 3,718 


Massachusetts Boston 3,565 31.3% 1,115 4,680 


Michigan Detroit 3,565 3.4% 120 3,685 


Michigan Grand Rapids 3,565 -6.8% (243) 3,322 


Minnesota St. Paul 3,565 3.4% 123 3,688 


Mississippi Jackson 3,565 -6.5% (230) 3,335 


Missouri St. Louis 3,565 6.4% 227 3,792 


Missouri Kansas City 3,565 3.0% 107 3,672 


Montana Great Falls 3,565 -3.7% (131) 3,434 


Nebraska Omaha 3,565 -3.0% (108) 3,457 


New Hampshire Concord 3,565 -1.4% (49) 3,516 


New Jersey Newark 3,565 13.5% 480 4,045 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New Mexico Albuquerque 3,565 -3.4% (120) 3,445 


New York New York 3,565 28.4% 1,013 4,578 


New York Syracuse 3,565 9.7% 345 3,910 


Nevada Las Vegas 3,565 8.1% 290 3,855 


North Carolina Charlotte 3,565 -8.3% (296) 3,269 


North Dakota Bismarck 3,565 -6.9% (247) 3,318 


Ohio Cincinnati 3,565 0.4% 16 3,581 


Oregon Portland 3,565 8.5% 303 3,868 


Pennsylvania Philadelphia 3,565 10.6% 377 3,942 


Pennsylvania Wilkes-Barre 3,565 -3.0% (107) 3,458 


Rhode Island Providence 3,565 3.6% 129 3,694 


South Carolina Spartanburg 3,565 -10.2% (364) 3,201 


South Dakota Rapid City 3,565 -9.3% (331) 3,234 


Tennessee Knoxville 3,565 -7.7% (276) 3,289 


Texas Houston 3,565 -8.3% (294) 3,271 


Utah Salt Lake City 3,565 -2.6% (91) 3,474 


Vermont Burlington 3,565 -4.6% (162) 3,403 


Virginia Alexandria 3,565 8.8% 313 3,878 


Virginia Lynchburg 3,565 -1.6% (56) 3,509 


Washington Seattle 3,565 11.3% 404 3,969 


Washington Spokane 3,565 -2.0% (70) 3,495 


West Virginia Charleston 3,565 -1.5% (55) 3,510 


Wisconsin Green Bay 3,565 0.5% 19 3,584 


Wyoming Cheyenne 3,565 3.7% 132 3,697 


Puerto Rico Cayey 0  0 0 
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TABLE 10-4 – LOCATION-BASED COSTS FOR IGCC (1,200,000 KW) 
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 3,221 32.0% 1,031 4,252 


Alaska Fairbanks 3,221 30.9% 996 4,217 


Alabama Huntsville 3,221 -6.7% (216) 3,005 


Arizona Phoenix 3,221 -4.6% (147) 3,074 


Arkansas Little Rock 3,221 -4.8% (154) 3,067 


California Los Angeles 3,221 19.8% 637 3,858 


California Redding 3,221 9.6% 308 3,529 


California Bakersfield 3,221 9.2% 296 3,517 


California Sacramento 3,221 13.7% 442 3,663 


California San Francisco 3,221 40.8% 1,313 4,534 


Colorado Denver 3,221 -5.4% (173) 3,048 


Connecticut Hartford 3,221 26.0% 836 4,057 


Delaware Dover 3,221 22.7% 730 3,951 


District of Columbia Washington 3,221 39.5% 1,272 4,493 


Florida Tallahassee 3,221 -9.9% (318) 2,903 


Florida Tampa 3,221 -4.4% (143) 3,078 


Georgia Atlanta 3,221 -7.3% (235) 2,986 


Hawaii Honolulu -  -  


Idaho Boise 3,221 -3.2% (102) 3,119 


Illinois Chicago 3,221 18.2% 586 3,807 


Indiana Indianapolis 3,221 3.3% 107 3,328 


Iowa Davenport 3,221 -1.4% (45) 3,176 


Iowa Waterloo 3,221 -8.1% (261) 2,960 


Kansas Wichita 3,221 -6.0% (192) 3,029 


Kentucky Louisville 3,221 -4.9% (158) 3,063 


Louisiana New Orleans 3,221 -10.1% (326) 2,895 


Maine Portland 3,221 0.0% (1) 3,220 


Maryland Baltimore 3,221 5.0% 162 3,383 


Massachusetts Boston 3,221 33.8% 1,087 4,308 


Michigan Detroit 3,221 3.5% 114 3,335 


Michigan Grand Rapids 3,221 -7.1% (227) 2,994 


Minnesota St. Paul 3,221 3.6% 117 3,338 


Mississippi Jackson 3,221 -6.6% (214) 3,007 


Missouri St. Louis 3,221 6.9% 221 3,442 


Missouri Kansas City 3,221 3.2% 103 3,324 


Montana Great Falls 3,221 -3.7% (119) 3,102 


Nebraska Omaha 3,221 -3.1% (99) 3,122 


New Hampshire Concord 3,221 -1.3% (42) 3,179 


New Jersey Newark 3,221 14.0% 449 3,670 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New Mexico Albuquerque 3,221 -3.4% (109) 3,112 


New York New York 3,221 29.5% 949 4,170 


New York Syracuse 3,221 10.8% 349 3,570 


Nevada Las Vegas 3,221 8.6% 278 3,499 


North Carolina Charlotte 3,221 -8.5% (273) 2,948 


North Dakota Bismarck 3,221 -7.2% (230) 2,991 


Ohio Cincinnati 3,221 0.8% 25 3,246 


Oregon Portland 3,221 9.3% 300 3,521 


Pennsylvania Philadelphia 3,221 11.0% 355 3,576 


Pennsylvania Wilkes-Barre 3,221 -3.0% (96) 3,125 


Rhode Island Providence 3,221 3.9% 124 3,345 


South Carolina Spartanburg 3,221 -10.5% (337) 2,884 


South Dakota Rapid City 3,221 -9.6% (309) 2,912 


Tennessee Knoxville 3,221 -7.9% (256) 2,965 


Texas Houston 3,221 -8.5% (275) 2,946 


Utah Salt Lake City 3,221 -2.4% (76) 3,145 


Vermont Burlington 3,221 -4.6% (148) 3,073 


Virginia Alexandria 3,221 9.9% 320 3,541 


Virginia Lynchburg 3,221 -1.3% (41) 3,180 


Washington Seattle 3,221 12.3% 395 3,616 


Washington Spokane 3,221 -1.9% (62) 3,159 


West Virginia Charleston 3,221 -1.5% (49) 3,172 


Wisconsin Green Bay 3,221 0.8% 27 3,248 


Wyoming Cheyenne 3,221 4.6% 148 3,369 


Puerto Rico Cayey 0 0 0 0 


10.5 O&M ESTIMATE 
In addition to the general O&M items discussed in Section 2.5.2, IGCC Facility includes the 
major maintenance for the CTs, as well as the BOP, including the ST, associated electric 
generators, HRSGs, and emissions reduction catalysts.  Additionally, provisions need to be made 
for routine and major maintenance for the gasification systems, the ASU, and associated 
gasification auxiliary equipment needs to be made.  For example, major maintenance for the 
gasifier includes repair and replacement of the refractory.  Typically, significant overhauls on an 
IGCC Facility occur no less frequently than 18 months and the cycle for the power generation 
equipment is similar to the to the Advanced NGCC discussed above.  Table 10-5 and Table 10-6 
present the O&M expenses for the IGCC Facility. 


TABLE 10-5 – O&M EXPENSES FOR IGCC (600,000 KW)  


Technology: IGCC 
Fixed O&M Expense $59.23/kW-year 


Variable O&M Expense $6.87/MWh 
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TABLE 10-6 – O&M EXPENSES FOR IGCC (1,200,000 KW)  


Technology: IGCC 
Fixed O&M Expense $48.90/kW-year 


Variable O&M Expense $6.87/MWh 


10.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
The IGCC uses syngas combustors (which do not have DLN) in the CT and best available burner 
technology with respect to the duct burners in the HRSGs to manage the production of NOX and 
CO.  Additional control of NOX and CO is accomplished through an SCR and an oxidization 
catalyst, respectively.  SO2 in the IGCC is managed through the removal of sulfur in the syngas 
via the AGR system prior to combustion.  The IGCC does not include any control devices for 
CO2, which is proportional to the heat rate (inversely proportional to the efficiency) of the 
technology.  Water, wastewater, and solid waste compliance are achieved through traditional 
on-site and off-site methods, and the costs for such compliance are included in the O&M 
Estimate for the IGCC.  Table 10-7 presents environmental emissions for the IGCC Facility. 


TABLE 10-7 – ENVIRONMENTAL EMISSIONS FOR IGCC 


Technology: IGCC 
NOX 0.0075 lb/MMBtu 
SO2 0.025 lb/MMBtu 
CO2 206 lb/MMBtu 
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11. INTEGRATED GASIFICATION COMBINED CYCLE WITH CCS (IGCC/CCS) 


11.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The plant configuration for the IGCC/CCS Facility case is the same as the IGCC Facility case 
with the exceptions that:  (1) a water gas shift reactor system is substituted instead of the COS 
hydrolysis system upstream of the AGR; and (2) a two-stage Selexol AGR system is utilized 
instead of a single stage to allow the capture of CO2 from the syngas prior to combustion.  The 
captured CO2 is compressed to approximately 2,000 psia for injection into a pipeline at the plant 
fence line.  The IGCC/CCS Facility produces 690 MW of gross power and 520 MW of net 
power.  Figure 11-1 presents the IGCC/CCS process flow diagram. 


FIGURE 11-1 – IGCC/CCS DESIGN CONFIGURATION 


 


11.2 ELECTRICAL AND CONTROL SYSTEMS 
The electrical and control systems for the IGCC/CCS Facility are materially similar to the IGCC 
Facility (without CCS) discussed in Section 10.2.    


11.3 OFF-SITE REQUIREMENTS 
The off-site requirements for the IGCC/CCS Facility are materially similar to the IGCC Facility 
(without CCS) discussed in Section 10.3, except that an interconnection needs to be made with 
respect to the sequestration of CO2.    


11.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the IGCC/CCS Facility with a nominal capacity of 520 MW is 
$5,348/kW.  Table 11-1 summarizes the Cost Estimate categories for the IGCC/CCS Facility.   
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TABLE 11-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR IGCC/CCS 


Technology: IGCC/CCS 
Nominal Capacity (ISO): 520,000 kW 


Nominal Heat Rate (ISO): 10,700 Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Total Project EPC  2,317,500 
   
Owner Costs (excluding project finance)  463,500 
   
Total Project Cost (excluding finance)  2,781,000 
   
Total Project EPC  / kW 4,458 
   
Owner Costs 20% (excluding project finance)  / kW 892 
   
Total Project Cost (excluding project finance)  / kW 5,350 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


   


The locational considerations for the IGCC/CCS Facility are the same as those set forth in 
Section 10.4 for the IGCC Facility.   


Table 11-2 presents the IGCC/CCS Facility capital cost variations for alternative U.S. plant 
locations. 
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TABLE 11-2 – LOCATION-BASED COSTS FOR IGCC/CCS  
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 5,350 23.1% 1,236 6,586 


Alaska Fairbanks 5,350 22.9% 1,225 6,575 


Alabama Huntsville 5,350 -7.4% (397) 4,953 


Arizona Phoenix 5,350 -5.5% (293) 5,057 


Arkansas Little Rock 5,350 -5.7% (306) 5,044 


California Los Angeles 5,350 13.7% 732 6,082 


California Redding 5,350 6.5% 348 5,698 


California Bakersfield 5,350 6.1% 326 5,676 


California Sacramento 5,350 11.1% 591 5,941 


California San Francisco 5,350 30.7% 1,642 6,992 


Colorado Denver 5,350 -6.3% (335) 5,015 


Connecticut Hartford 5,350 17.7% 946 6,296 


Delaware Dover 5,350 14.5% 774 6,124 


District of Columbia Washington 5,350 23.0% 1,229 6,579 


Florida Tallahassee 5,350 -10.5% (561) 4,789 


Florida Tampa 5,350 -4.5% (243) 5,107 


Georgia Atlanta 5,350 -8.1% (432) 4,918 


Hawaii Honolulu 0 0 0 0 


Idaho Boise 5,350 -4.2% (227) 5,123 


Illinois Chicago 5,350 17.9% 959 6,309 


Indiana Indianapolis 5,350 1.2% 67 5,417 


Iowa Davenport 5,350 -1.5% (82) 5,268 


Iowa Waterloo 5,350 -8.9% (474) 4,876 


Kansas Wichita 5,350 -6.9% (370) 4,980 


Kentucky Louisville 5,350 -5.8% (309) 5,041 


Louisiana New Orleans 5,350 -10.8% (577) 4,773 


Maine Portland 5,350 -2.8% (151) 5,199 


Maryland Baltimore 5,350 1.1% 60 5,410 


Massachusetts Boston 5,350 26.2% 1,402 6,752 


Michigan Detroit 5,350 3.5% 185 5,535 


Michigan Grand Rapids 5,350 -7.7% (413) 4,937 


Minnesota St. Paul 5,350 3.4% 181 5,531 


Mississippi Jackson 5,350 -7.4% (394) 4,956 


Missouri St. Louis 5,350 5.5% 295 5,645 


Missouri Kansas City 5,350 2.7% 145 5,495 


Montana Great Falls 5,350 -4.8% (259) 5,091 


Nebraska Omaha 5,350 -3.8% (201) 5,149 


New Hampshire Concord 5,350 -2.2% (119) 5,231 


New Jersey Newark 5,350 14.9% 795 6,145 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New Mexico Albuquerque 5,350 -4.4% (235) 5,115 


New York New York 5,350 31.4% 1,681 7,031 


New York Syracuse 5,350 5.5% 295 5,645 


Nevada Las Vegas 5,350 7.7% 410 5,760 


North Carolina Charlotte 5,350 -10.1% (538) 4,812 


North Dakota Bismarck 5,350 -7.8% (419) 4,931 


Ohio Cincinnati 5,350 -1.5% (82) 5,268 


Oregon Portland 5,350 6.2% 333 5,683 


Pennsylvania Philadelphia 5,350 11.3% 602 5,952 


Pennsylvania Wilkes-Barre 5,350 -4.1% (217) 5,133 


Rhode Island Providence 5,350 3.4% 183 5,533 


South Carolina Spartanburg 5,350 -12.0% (640) 4,710 


South Dakota Rapid City 5,350 -10.5% (562) 4,788 


Tennessee Knoxville 5,350 -9.1% (486) 4,864 


Texas Houston 5,350 -9.3% (499) 4,851 


Utah Salt Lake City 5,350 -4.6% (245) 5,105 


Vermont Burlington 5,350 -5.8% (311) 5,039 


Virginia Alexandria 5,350 4.5% 241 5,591 


Virginia Lynchburg 5,350 -3.8% (203) 5,147 


Washington Seattle 5,350 9.4% 505 5,855 


Washington Spokane 5,350 -2.9% (154) 5,196 


West Virginia Charleston 5,350 -2.1% (111) 5,239 


Wisconsin Green Bay 5,350 -1.1% (58) 5,292 


Wyoming Cheyenne 5,350 -0.5% (29) 5,321 


Puerto Rico Cayey 0 0 0 0 


11.5 O&M ESTIMATE 
The O&M methodology for the IGCC/CCS Facility is the same as that set forth in the section on 
the IGCC Facility, except that consideration needs to be made for the additional maintenance 
resulting from the CCS equipment.  


Table 11-3 presents the O&M expenses for the IGCC/CCS Facility.  


TABLE 11-3 – O&M EXPENSES FOR IGCC/CCS    


Technology: IGCC/CCS 
Fixed O&M Expense $69.30/kW-year 


Variable O&M Expense $8.04/MWh 


11.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
The environmental compliance strategy for the IGCC/CCS Facility is the same as that set forth in 
the section on the IGCC Facility, except for CCS including a two-stage Selexol AGR for capture 
of CO2.  Table 11-4 presents environmental emissions for the IGCC/CCS Facility. 
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TABLE 11-4 – ENVIRONMENTAL EMISSIONS FOR IGCC/CCS 


Technology: IGCC/CCS 
NOX 0.0075 lb/MMBtu 
SO2 0.015 lb/MMBtu 
CO2 20.6 lb/MMBtu 
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12. ADVANCED NUCLEAR (AN) 


12.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The Advanced Nuclear (“AN”) Facility consists of two 1,117 MW Westinghouse AP1000 
nuclear power units built in a brownfield (existing nuclear facility site).   


The steam cycle of a nuclear powered electric generation facility is similar to other 
steam-powered generating facilities.  The difference is with the source of heat used to generate 
steam.  In units that use fossil fuels, hydrocarbons are burned to heat water, producing steam.  In 
the AP1000, splitting the nucleus (fission) of uranium atoms provides the energy to heat the 
water. 


Nuclear fuel is a uranium dioxide ceramic pellet encased in a zirconium alloy tube.  The uranium 
atoms in the pellet absorb neutrons and split, or fission.  When the uranium atom splits, a large 
amount of energy, as well as additional neutrons and fission fragments are released.  The 
neutrons can be absorbed by other uranium atoms which fission, producing more neutrons.  The 
chain reaction is controlled by controlling the number of neutrons available for fission.  The 
number of neutrons available is controlled by the water in the nuclear reactor core, the 
arrangement of neutron absorbing control rods inserted into the core, the design of the core, and 
by controlling the void fraction and temperature of the coolant water (which both affect the 
density of water which affects the neutrons available for the fission process). 


The uranium fuel is contained inside a pressurized water reactor (“PWR”).  The AP1000 is a 
two-loop PWR.  The fission of the uranium fuel releases heat to the surrounding water (reactor 
cooling water), which under pressure does not boil, but through a heat exchanger (typically 
referred to as a steam generator) results in a lower pressure water (that in the “secondary loop”) 
to boil.   


The cooling water inside the PWR is circulated through the nuclear core by internal pumps.  This 
cooling water system is termed the Reactor Coolant System (“RCS”).  The RCS consists of two 
heat transfer circuits, with each circuit containing one Delta-125 steam generator, two reactor 
coolant pumps, and a single hot leg and two cold legs for circulating coolant between the reactor 
and the steam generators.  The system also includes a pressurizer, interconnecting piping, and the 
valves and instrumentation necessary for operational control and the actuation of safeguards.  
Each AP1000 unit has a 130-foot diameter freestanding containment vessel with four ring 
sections and an upper and lower head. 


The passive core cooling system provides protection for the facility against RCS leaks and 
ruptures.  The passive containment cooling system is the ultimate safety-related ultimate heat 
sink for the facility.  The passive containment cooling system cools the containment following an 
accident to rapidly reduce the pressure via the natural circulation of air supplemented by water 
evaporation to transfer heat through the steel containment vessel. 


Main steam from the steam generator is routed to the HP section of the ST.  The ST consists of a 
double-flow HP ST section and three double-flow LP ST sections in a tandem-compound 
configuration.  As the steam exits the HP section it passes through a moisture separator and 
reheater.  The moisture separator and reheater dries and reheats the steam before it enters the LP 
ST section, which improves the cycle efficiency and reduces moisture related erosion of the LP 
ST blades.  A portion of the steam is extracted from the HP and LP sections of the ST and with 
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ST exhaust heats the condensate and feedwater before it is sent back to the reactor.  The HP and 
LP STs are connected via a common shaft that drives the generator which produces the electrical 
power output of approximately 1,100 MW per unit.  


The steam that exits the LP section of the ST, as well as the drains from the feedwater heaters, 
are directed to the condenser.  The condenser is a surface condensing (tube type) heat exchanger 
that is maintained under vacuum to increase the turbine efficiency.  The steam condenses on the 
outside of the tubes and condenser cooling water is circulated through the inside of the tubes.   


Numerous other systems are needed to support and provide redundancy for the cycle process 
described herein.  These include the residual heat removal system, the HP core flooder system, 
and the LP core flooder system which are redundant systems and are designed to remove heat 
from the reactor core in the event the normal core cooling system fails.  Other support systems 
include the liquid and solid radioactive waste systems which handle, control, and process 
radioactive waste from the plant.  The reactor containment ventilation system controls and filters 
airborne radiation.  Figure 12-1 presents a simplified process flow diagram for a PWR AN plant.   


FIGURE 12-1 – AN DESIGN CONFIGURATION 


 


12.2 ELECTRICAL AND CONTROL SYSTEMS 
The AN Facility has one ST electric generator for each reactor.  Each generator is a 60 Hz 
machine rated at approximately 1,250 MVA with an output voltage of 24 kV.  The ST electric 
generator is connected through a generator circuit breaker to a GSU that is in turn connected 
between two circuit breakers in the high-voltage bus in the facility switchyard through a 
disconnect switch.  The GSU increases the voltage from the electric generator from 24 kV to 
interconnected transmission system high voltage. 
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The AN Facility is controlled using a DCS.  The DCS provides centralized control of the facility 
by integrating the control systems provided with the reactor, ST and associated electric generator 
and the control of BOP systems and equipment. 


12.3 OFF-SITE REQUIREMENTS 
Water for all processes at the AN Facility is obtained from one of several available water supply 
options; however, water is typically sourced from an adjacent river, when possible.  The 
AN Facility uses a water treatment system and a high-efficiency reverse osmosis system to 
reduce the dissolved solids from the cooling water and to provide distilled water.  Wastewater is 
sent to an adjacent river or other approved wastewater delivery point.  Further, the electrical 
interconnection from the AN on-site switchyard is effectuated by a connection to an adjacent 
utility substation. 


12.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the AN Facility with a nominal capacity of 2,236 MW is $5,339/kW.  
Table 12-1 summarizes the Cost Estimate categories for the AN Facility.   
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TABLE 12-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR AN 


Technology: AN 
Nominal Capacity (ISO): 2,236,000 kW 


Nominal Heat Rate (ISO): N/A Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     1,732,000 
   
Mechanical Equipment Supply and 
Installation     3,400,000 
   
Electrical / I&C Supply and Installation  630,000 
   


Project Indirects (1)  2,722,500 
   
EPC Cost before Contingency and Fee  8,484,500 
   
Fee and Contingency  1,300,000 
   
Total Project EPC  9,784,500 
   
Owner Costs (excluding project finance)  2,152,590 
   
Total Project Cost (excluding finance)  11,937,090 
   
Total Project EPC  / kW 4,376 
   
Owner Costs 22% (excluding project finance)  / kW 963 
   
Total Project Cost (excluding project finance)  / kW 5,339 


(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


For this type of technology and power plant configuration, our regional adjustments took into 
consideration the following:  seismic design differences, remote location issues, labor wage and 
productivity differences, location adjustments, owner cost differences, and the increase in 
overheads associated with these five adjustments. 


Seismic design differences among the various locations were based on U.S. seismic map 
information that detailed the various seismic zones throughout the U.S.  No cost increases were 
associated with seismic Zone 0 and cost step increases were considered for Zones 1, 2, 3 and 4. 


Remote location issues are related to geographic areas that typically require installation of man 
camps, higher craft incentives, and higher per diems are generally required with respect to 
construction, due to the fact that such areas are long distances from urban areas, where labor is 
generally abundant.  Remote location designations were also considered in locations where 
higher equipment freight costs are typically incurred, which for example are regions not near 
established rail or highway access.  Remote locations related to the Advanced Nuclear Facility 
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include Fairbanks, Alaska; Honolulu, Hawaii; Albuquerque, New Mexico; Cheyenne, Wyoming; 
and Cayey, Puerto Rico. 


Labor wage and productivity differences were handled as discussed in Section 2.5.1, taking into 
consideration the amount of labor we estimated for the AN Facility.  


Location adjustments were made to locations where higher cost of living levels are incurred 
and/or where population density generally correlates to higher construction costs for power and 
other infrastructure projects.  These locations include Alaska, California, Connecticut, Delaware, 
District of Columbia, Hawaii, Illinois, Maine, Maryland, Massachusetts, Michigan, Minnesota, 
New York, Ohio, and Wisconsin. 


Owner costs were reviewed based on the need for utility upgrades and/or infrastructure costs 
such as new facility transmission lines to tie to existing utility transmission substations or 
existing transmission lines.   


Table 12-2 presents the AN Facility capital cost variations for alternative U.S. plant locations. 


TABLE 12-2 – LOCATION-BASED COSTS FOR AN  
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 5,340 16.3% 868 6,208 


Alaska Fairbanks 5,340 16.4% 878 6,218 


Alabama Huntsville 5,340 -3.3% (174) 5,166 


Arizona Phoenix 5,340 -2.4% (126) 5,214 


Arkansas Little Rock 5,340 -2.5% (131) 5,209 


California Los Angeles 5,340 9.5% 505 5,845 


California Redding 5,340 4.6% 245 5,585 


California Bakersfield 5,340 4.4% 236 5,576 


California Sacramento 5,340 6.5% 348 5,688 


California San Francisco 5,340 20.9% 1,114 6,454 


Colorado Denver 5,340 -2.6% (136) 5,204 


Connecticut Hartford 5,340 14.7% 784 6,124 


Delaware Dover 5,340 13.2% 707 6,047 


District of Columbia Washington 5,340 23.9% 1,275 6,615 


Florida Tallahassee 5,340 -4.6% (248) 5,092 


Florida Tampa 5,340 -2.1% (114) 5,226 


Georgia Atlanta 5,340 -3.5% (189) 5,151 


Hawaii Honolulu 0 0 0 0 


Idaho Boise 5,340 -1.6% (86) 5,254 


Illinois Chicago 5,340 9.0% 479 5,819 


Indiana Indianapolis 5,340 2.0% 108 5,448 


Iowa Davenport 5,340 -0.6% (35) 5,305 


Iowa Waterloo 5,340 -3.7% (200) 5,140 


Kansas Wichita 5,340 -2.8% (151) 5,189 


Kentucky Louisville 5,340 -2.4% (126) 5,214 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Louisiana New Orleans 5,340 -4.8% (254) 5,086 


Maine Portland 5,340 0.4% 21 5,361 


Maryland Baltimore 5,340 3.4% 180 5,520 


Massachusetts Boston 5,340 18.3% 976 6,316 


Michigan Detroit 5,340 1.6% 83 5,423 


Michigan Grand Rapids 5,340 -3.3% (174) 5,166 


Minnesota St. Paul 5,340 1.9% 99 5,439 


Mississippi Jackson 5,340 -3.2% (173) 5,167 


Missouri St. Louis 5,340 2.8% 148 5,488 


Missouri Kansas City 5,340 1.3% 70 5,410 


Montana Great Falls 5,340 -1.9% (100) 5,240 


Nebraska Omaha 5,340 -1.5% (80) 5,260 


New Hampshire Concord 5,340 -0.8% (41) 5,299 


New Jersey Newark 5,340 6.4% 340 5,680 


New Mexico Albuquerque 5,340 -1.6% (83) 5,257 


New York New York 5,340 13.4% 718 6,058 


New York Syracuse 5,340 6.6% 355 5,695 


Nevada Las Vegas 5,340 4.1% 220 5,560 


North Carolina Charlotte 5,340 -4.1% (218) 5,122 


North Dakota Bismarck 5,340 -3.3% (176) 5,164 


Ohio Cincinnati 5,340 0.8% 45 5,385 


Oregon Portland 5,340 4.5% 239 5,579 


Pennsylvania Philadelphia 5,340 4.9% 263 5,603 


Pennsylvania Wilkes-Barre 5,340 -1.5% (82) 5,258 


Rhode Island Providence 5,340 1.6% 87 5,427 


South Carolina Spartanburg 5,340 -5.1% (272) 5,068 


South Dakota Rapid City 5,340 -4.4% (237) 5,103 


Tennessee Knoxville 5,340 -3.7% (200) 5,140 


Texas Houston 5,340 -3.9% (210) 5,130 


Utah Salt Lake City 5,340 -1.5% (80) 5,260 


Vermont Burlington 5,340 -2.3% (122) 5,218 


Virginia Alexandria 5,340 6.2% 332 5,672 


Virginia Lynchburg 5,340 -0.1% (6) 5,334 


Washington Seattle 5,340 5.8% 311 5,651 


Washington Spokane 5,340 -1.0% (56) 5,284 


West Virginia Charleston 5,340 -0.8% (42) 5,298 


Wisconsin Green Bay 5,340 1.0% 51 5,391 


Wyoming Cheyenne 5,340 3.5% 188 5,528 


Puerto Rico Cayey 0 0 0 0 
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12.5 O&M ESTIMATE 
In addition to the general items discussed in the section of this report entitled O&M Estimate, the 
AN Facility includes provisions for major maintenance on the steam generators, STs, electric 
generators, BOP systems, and the reactor (beyond refueling).  Table 12-3 presents the O&M 
expenses for the AN Facility. 


TABLE 12-3 – O&M EXPENSES FOR AN 


Technology: AN 
Fixed O&M Expense $88.75/kW-year 


Variable O&M Expense $2.04/MWh 


12.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
Environmental compliance with respect to air emissions is effectively not necessary for the AN 
Facility, as this technology does not combust a fuel as is the case for other non-renewable power 
technologies.  While there are environmental compliance considerations for a given nuclear 
facility (e.g., spent nuclear fuel), only air emissions were considered in this report.  Table 12-4 
presents environmental emissions for the AN Facility. 


TABLE 12-4 – ENVIRONMENTAL EMISSIONS FOR AN 


Technology: AN 
NOX 0 lb/MMBtu 
SO2 0 lb/MMBtu 
CO2 0 lb/MMBtu 
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13. BIOMASS COMBINED CYCLE (BCC) 


13.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The Biomass Combined-Cycle (“BCC”) Facility utilizes approximately 500 tons per day of 
wood (at 25 percent moisture), or 370 dry tons per day for the production of 20 MW net of 
electricity.  The facility consists of a biomass gasification system for the conversion of the wood 
to syngas, a clean-up system for the syngas, and a combined-cycle plant using the syngas as fuel. 


The gasification system consists of dual circulating fluid bed (“CFB”) units (one gasifier and one 
combustor) connected by a sand circulation system.  Related equipment includes the wood feed 
system, the product gas quench, ash handling, steam supply and typical BOP equipment.  


The wood is fed to the circulating fluid bed gasifier through a standard system of lock hoppers, 
live bottom bins and feed screws.  The lock hoppers are purged with nitrogen to keep the 
produced fuel gas from escaping. 


The gasifier is a refractory-lined vessel with a sand-type carrier and requires a LP steam source.  
The primary purpose of the steam is to maintain a reducing environment in the gasifier to enable 
pure gasification and not partial oxidation conditions.  The gasification CFB is essentially an 
entrained flow reactor, which operates between 1,400°F and 1,500°F.  The two products of the 
gasifier are a medium-heating value gas (approximately 450 Btu/scf dry) and non-converted 
char.  A small amount of condensable “tars” are also produced.  The gases are directed to a 
clean-up system to remove the entrained tars. 


The CFB combustor unit burns the char produced in the gasifier.  The char combustor operates at 
approximately 1,800°F. The flue gas from the char combustor goes to a boiler to recover the 
excess sensible energy. 


The two CFBs are connected by the sand circulation system.  The purpose of this system is to 
transfer the char and circulating sand from the gasifier to the combustor, where the char is 
burned to reheat the sand.  This hotter sand is then returned to the gasifier to provide the energy 
to convert the solid wood to a gas.  The sand transfer system consists of mechanical cyclones 
(two in series for each CFB) and a sand inventory pot for each leg of the configuration.  An 
overflow system, with some fluidizing steam in the pot, is used to regulate the flow from the 
gasifier to the combustor.   


The syngas clean-up system consists of a reformer to convert the tars and other hydrocarbons to 
CO and hydrogen in an isothermal fluidized bed reactor.  The hot syngas is cooled by producing 
steam to be used in the combined cycle.  A wet scrubber removes particulates, NH3 and residual 
tars.  The excess scrubber water is sent off-site to a wastewater treatment facility.  


The syngas is then compressed to the required pressure for use in the CT.  The BCC Facility is 
based on a single CT, which produces approximately 15 MW of electricity.  The CT exhaust is 
sent to an HRSG.  The HRSG is equipped with an SCR to reduce NOX emissions.  Both the 
steam generated in the HRSG and the steam generated the cooling of the combustion flue gas 
and the syngas are superheated and sent to the ST.  The ST output is approximately 9 MW.  The 
total gross output is approximately 24 MW.  The internal power load is approximately 4 MW for 
a net power output of about 20 MW. 
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Nitrogen is required for start-up and shutdown.  A separate steam system is required for start-up.  
NH3 is required for operation of the two SCRs for reducing NOX emissions.  A flare system is 
required for normal operation to eliminate volatile organics from the scrubbing system, and for 
start-up and shutdown of the process.  Figure 13-1 presents the BCC process flow diagram, 
where the “Power Block” is based on a traditional combined-cycle configuration, as is often the 
case for gasification derivative plants. 


FIGURE 13-1 – BCC DESIGN CONFIGURATION 


 


13.2 ELECTRICAL AND CONTROL SYSTEMS 
The BCC Facility has one CT electric generator and one ST electric generator.  The generator for 
the CT is a 60 Hz machine rated at approximately 17 MVA with an output voltage of 13.8 kV.  
The ST electric generator is a 60 Hz machine rated at approximately 10 MVA with an output 
voltage of 13.8 kV.  The generator breakers for the CT and ST electric generators are bussed 
together in 15 kV class switchgear that is connected to a high-voltage transmission system at the 
facility switchyard via a circuit breaker, GSU, and a disconnect switch.  The GSU increases the 
voltage from the electric generators from 13.8 kV to interconnected transmission system high 
voltage. 


The BCC Facility is controlled using a DCS.  The DCS provides centralized control of the 
facility by integrating the control systems provided with each individual CT and associated 
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electric generator, ST and associated electric generator, and the control of BOP systems and 
equipment.  


13.3 OFF-SITE REQUIREMENTS 
Biomass is delivered to the BCC Facility by rail, truck or barge.  Water for all processes at the 
BCC Facility is obtained from one of several available water sources.  The BCC Facility uses a 
water treatment system and a high-efficiency reverse osmosis system to reduce the dissolved 
solids from the cooling water and to provide distilled water for HRSG makeup.  Wastewater is 
sent to a municipal wastewater system or other available wastewater delivery point.  Further, the 
electrical interconnection from the BCC Facility on-site switchyard is effectuated by a 
connection to an adjacent utility substation. 


13.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the BCC Facility with a nominal capacity of 20 MW is $7,573/kW.  
Table 13-1 summarizes the Cost Estimate categories for the BCC Facility.   
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TABLE 13-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR BCC 


Technology: BCC 
Nominal Capacity (ISO): 20,000 kW 


Nominal Heat Rate (ISO): 12,350 Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     16,459 
   
Mechanical Equipment Supply and 
Installation     70,137 
   
Electrical / I&C Supply and Installation  11,267 
   


Project Indirects (1)  21,207 
   
EPC Cost before Contingency and Fee  119,070 
   
Fee and Contingency  12,500 
   
Total Project EPC  131,570 
   
Owner Costs (excluding project finance)  26,314 
   
Total Project Cost (excluding finance)  157,884 
   
Total Project EPC  / kW 6,578 
   
Owner Costs 20% (excluding project finance)  / kW 1,316 
   
Total Project Cost (excluding project finance)  / kW 7,894 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


For this type of technology and power plant configuration, our regional adjustments took into 
consideration the following:  outdoor installation considerations, seismic design differences, 
remote location issues, labor wage and productivity differences, location adjustments, owner cost 
differences, and the increase in overheads associated with these six adjustments. 


Outdoor installation locations are considered in geographic areas where enclosed structures for 
the boilers would not be required due to the low probability of freezing.  The locations that 
included outdoor installation are Alabama, Arizona, Arkansas, Florida, Georgia, Hawaii, 
Louisiana, Mississippi, New Mexico, South Carolina, and Puerto Rico.   


Seismic design differences among the various locations were based on U.S. seismic map 
information that detailed the various seismic zones throughout the U.S.  No cost increases were 
associated with seismic Zone 0 and cost step increases were considered for Zones 1, 2, 3 and 4. 
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Remote location issues are related to geographic areas that typically require installation of man 
camps, higher craft incentives, and higher per diems are generally required with respect to 
construction, due to the fact that such areas are long distances from urban areas, where labor is 
generally abundant.  Remote location designations were also considered in locations where 
higher equipment freight costs are typically incurred, which for example are regions not near 
established rail or highway access.  Remote locations related to the BCC include Fairbanks, 
Alaska; Honolulu, Hawaii; Albuquerque, New Mexico; Cheyenne, Wyoming; and Cayey, Puerto 
Rico. 


Labor wage and productivity differences were handled as discussed in Section 2.5.1, taking into 
consideration the amount of labor we estimated for the BCC Facility.  


Location adjustments were made to locations where higher cost of living levels are incurred 
and/or where population density generally correlates to higher construction costs for power and 
other infrastructure projects.  These locations include Alaska, California, Connecticut, Delaware, 
District of Columbia, Hawaii, Illinois, Maine, Maryland, Massachusetts, Michigan, Minnesota, 
New York, Ohio, and Wisconsin. 


Owner costs were reviewed based on the need for utility upgrades and/or infrastructure costs 
such as new facility transmission lines to tie to existing utility transmission substations or 
existing transmission lines.    


Table 13-2 presents the BCC Facility capital cost variations for alternative U.S. plant locations. 
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TABLE 13-2 – LOCATION-BASED COSTS FOR BCC  
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 7,900 14.0% 1,104 9,004 


Alaska Fairbanks 7,900 15.2% 1,197 9,097 


Alabama Huntsville 7,900 -6.0% (472) 7,428 


Arizona Phoenix 0 0.0% 0 0 


Arkansas Little Rock 7,900 -5.0% (392) 7,508 


California Los Angeles 7,900 7.2% 566 8,466 


California Redding 7,900 3.3% 262 8,162 


California Bakersfield 7,900 3.0% 237 8,137 


California Sacramento 7,900 6.8% 539 8,439 


California San Francisco 7,900 19.6% 1,547 9,447 


Colorado Denver 7,900 -9.2% (724) 7,176 


Connecticut Hartford 7,900 11.9% 940 8,840 


Delaware Dover 7,900 9.7% 768 8,668 


District of Columbia Washington 7,900 15.1% 1,196 9,096 


Florida Tallahassee 7,900 -8.0% (635) 7,265 


Florida Tampa 7,900 -3.5% (274) 7,626 


Georgia Atlanta 7,900 -6.5% (511) 7,389 


Hawaii Honolulu 7,900 29.3% 2,311 10,211 


Idaho Boise 7,900 -3.9% (304) 7,596 


Illinois Chicago 7,900 13.6% 1,073 8,973 


Indiana Indianapolis 7,900 0.4% 35 7,935 


Iowa Davenport 7,900 -1.2% (93) 7,807 


Iowa Waterloo 7,900 -6.8% (539) 7,361 


Kansas Wichita 7,900 -5.6% (444) 7,456 


Kentucky Louisville 7,900 -4.7% (375) 7,525 


Louisiana New Orleans 7,900 -8.3% (653) 7,247 


Maine Portland 7,900 -3.0% (236) 7,664 


Maryland Baltimore 7,900 0.1% 10 7,910 


Massachusetts Boston 7,900 18.5% 1,459 9,359 


Michigan Detroit 7,900 2.4% 188 8,088 


Michigan Grand Rapids 7,900 -5.9% (469) 7,431 


Minnesota St. Paul 7,900 2.5% 200 8,100 


Mississippi Jackson 7,900 -5.9% (469) 7,431 


Missouri St. Louis 7,900 2.8% 220 8,120 


Missouri Kansas City 7,900 1.5% 119 8,019 


Montana Great Falls 7,900 -4.8% (379) 7,521 


Nebraska Omaha 7,900 -3.2% (252) 7,648 


New Hampshire Concord 7,900 -2.3% (182) 7,718 


New Jersey Newark 7,900 11.2% 882 8,782 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New Mexico Albuquerque 0 0.0% 0 0 


New York New York 7,900 23.6% 1,866 9,766 


New York Syracuse 7,900 3.3% 259 8,159 


Nevada Las Vegas 0 0.0% 0 0 


North Carolina Charlotte 7,900 -8.3% (658) 7,242 


North Dakota Bismarck 7,900 -6.0% (476) 7,424 


Ohio Cincinnati 7,900 -1.7% (134) 7,766 


Oregon Portland 7,900 3.1% 246 8,146 


Pennsylvania Philadelphia 7,900 8.1% 639 8,539 


Pennsylvania Wilkes-Barre 7,900 -3.7% (293) 7,607 


Rhode Island Providence 7,900 2.1% 162 8,062 


South Carolina Spartanburg 7,900 -9.8% (771) 7,129 


South Dakota Rapid City 7,900 -8.1% (639) 7,261 


Tennessee Knoxville 7,900 -7.3% (575) 7,325 


Texas Houston 7,900 -7.2% (568) 7,332 


Utah Salt Lake City 0 0.0% 0 0 


Vermont Burlington 7,900 -5.1% (400) 7,500 


Virginia Alexandria 7,900 2.5% 198 8,098 


Virginia Lynchburg 7,900 -3.4% (271) 7,629 


Washington Seattle 7,900 5.6% 441 8,341 


Washington Spokane 7,900 -2.8% (222) 7,678 


West Virginia Charleston 7,900 -1.9% (149) 7,751 


Wisconsin Green Bay 7,900 -1.1% (83) 7,817 


Wyoming Cheyenne 0 0.0% 0 0 


Puerto Rico Cayey 7,900 -3.7% (290) 7,610 


13.5 O&M ESTIMATE 
In addition to the general items discussed in the section of this report entitled O&M Estimate, the 
BCC Facility include the major maintenance for the CT, as well as the BOP, including the ST, 
associated electric generator, HRSG, and emissions reduction catalysts.  These major 
maintenance expenses are included with the VOM expense for this technology and are given on 
an average basis across the MWhs incurred.  Typically, significant overhauls on a BCC Facility 
occur no less frequently than 8,000 operating hour intervals, with more significant major outages 
occurring on 24,000 hour intervals.  Additionally, major maintenance needs to be completed on 
the gasifier, including the refractory, which due to the lower operating temperature (as compared 
to the IGCC Facility discussed above) only needs replacing approximately every 10 years.  
Table 13-3 presents the O&M expenses for the BCC Facility. 


TABLE 13-3 – O&M EXPENSES FOR BCC  


Technology: BCC 
Fixed O&M Expense $338.79/kW-year 


Variable O&M Expense $16.64/MWh 
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13.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
The BCC Facility utilizes syngas combustors (which do not have DLN) in the CT and best 
available burner technology with respect to the duct burners in the HRSGs to manage the 
production of NOX and CO.  Additional control of NOX and CO is accomplished through an SCR 
and an oxidization catalyst, respectively.  SO2 in the IGCC is managed through the use of low-
sulfur biomass feedstocks.  The BCC does not include any control devices for CO2, which is 
proportional to the heat rate (inversely proportional to the efficiency) of the technology.  Water, 
wastewater, and solid waste compliance are achieved through traditional on-site and off-site 
methods, and the costs for such compliance are included in the O&M Estimate for the BCC 
Facility.  Table 13-4 presents environmental emissions for the BCC Facility. 


TABLE 13-4 – ENVIRONMENTAL EMISSIONS FOR BCC 


Technology: BCC 
NOX 0.054 lb/MMBtu 
SO2 0 lb/MMBtu 
CO2 195 lb/MMBtu 
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14. BIOMASS BUBBLING FLUIDIZED BED (BBFB) 


14.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The Biomass BFB (“BBFB”) Facility utilizes approximately 2,000 tons per day of wood (at 
50 percent maximum moisture) for the production of 50 MW net of electricity.  The BBFB 
Facility consists of a BFB boiler, which will flow to the ST.  Steam leaving the ST will be 
condensed to water in a shell and tube surface condenser.  The water will be pumped from the 
“hotwell” of the condenser through a series of feedwater heaters for purposes of pre-heating the 
water with ST extraction steam.  The combination of feedwater heating and waste heat flowing 
through the economizer is included to improve cycle efficiency.  The water will enter the first 
feedwater heater where it will be heated using extraction steam from the ST.  The water will then 
flow to the deaerating feedwater heater and into an electric-driven boiler feed pump where the 
pressure of the water will be increased to approximately 1,800 psia.  After leaving the boiler feed 
pump, the water will flow through two more feedwater heaters.  After exiting the last feedwater 
heater, the water will flow to the economizer section of the BFB boiler for delivery to the 
combustion section where it will be converted back to steam and the cycle will be repeated.  The 
cooling tower is to be used to cool the circulating water that is used to condense the steam inside 
the condenser. 


In a BFB boiler, a portion of air is introduced through the bottom of the combustor.  The bottom 
of the bed is supported by refractory walls or water-cooled membrane with specially designed air 
nozzles which distribute the air uniformly.  The fuel and limestone are fed into the lower bed.  In 
the presence of fluidizing air, the fuel and limestone quickly and uniformly mix under the 
turbulent environment and behave like a fluid.  Carbon particles in the fuel are exposed to the 
combustion air.  The balance of combustion air is introduced at the top of the lower, dense bed.  
This staged combustion limits the formation of NOX.  The advantages of BFB boiler technology 
include fuel flexibility, low SO2 emissions, low NOX emissions, and high combustion efficiency. 


FIGURE 14-1 – BCC DESIGN CONFIGURATION 
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14.2 ELECTRICAL AND CONTROL SYSTEMS 
The BBFB Facility has one ST electric generator.  The generator for the ST is a 60 Hz machine 
rated at approximately 65 MVA with an output voltage of 13.8 kV.  The generator breakers for 
the ST electric generator are bussed together in 15 kV class switchgear that is connected to a 
high-voltage transmission system at the facility switchyard via a circuit breaker, GSU, and a 
disconnect switch.  The GSU increases the voltage from the electric generators from 13.8 kV to 
interconnected transmission system high voltage. 


The BBFB Facility is controlled using a DCS.  The DCS provides centralized control of the 
facility by integrating the control systems provided with the ST and associated electric generator 
and the control of BOP systems and equipment.  


14.3 OFF-SITE REQUIREMENTS 
Biomass is delivered to the BBFB Facility by rail, truck or barge.  Water for all processes at the 
BBFB Facility is obtained from one of several available water sources.  The BBFB Facility uses 
a water treatment system and a high-efficiency reverse osmosis system to reduce the dissolved 
solids from the cooling water and to provide distilled water for HRSG makeup.  Wastewater is 
sent to a municipal wastewater system or other available wastewater delivery point.  Further, the 
electrical interconnection from the BBFB Facility on-site switchyard is effectuated by a 
connection to an adjacent utility substation. 


14.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the BBFB Facility with a nominal capacity of 50 MW is $3,860/kW.  
Table 14-1 summarizes the Cost Estimate categories for the BBFB Facility.   
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TABLE 14-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR BBFB 


Technology: BBFB 
Nominal Capacity (ISO): 50,000 kW 


Nominal Heat Rate (ISO): 13,500 Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     13,650 
   
Mechanical Equipment Supply and 
Installation     67,200 
   
Electrical / I&C Supply and Installation  20,000 
   


Project Indirects (1)  40,250 
   
EPC Cost before Contingency and Fee  141,100 
   
Fee and Contingency  19,754 
   
Total Project EPC  160,854 
   
Owner Costs (excluding project finance)  32,171 
   
Total Project Cost (excluding finance)  193,025 
   
Total Project EPC  / kW 3,217 
   
Owner Costs 20% (excluding project finance)  / kW 643 
   
Total Project Cost (excluding project finance)  / kW 3,860 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


For this type of technology and power plant configuration, our regional adjustments took into 
consideration the following:  outdoor installation considerations, seismic design differences, 
remote location issues, labor wage and productivity differences, location adjustments, owner cost 
differences, and the increase in overheads associated with these six adjustments. 


Outdoor installation locations are considered in geographic areas where enclosed structures for 
the boilers would not be required due to the low probability of freezing.  The locations that 
included outdoor installation are Alabama, Arizona, Arkansas, Florida, Georgia, Hawaii, 
Louisiana, Mississippi, New Mexico, South Carolina, and Puerto Rico.   


Seismic design differences among the various locations were based on U.S. seismic map 
information that detailed the various seismic zones throughout the U.S.  No cost increases were 
associated with seismic Zone 0 and cost step increases were considered for Zones 1, 2, 3 and 4. 
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Remote location issues are related to geographic areas that typically require installation of man 
camps, higher craft incentives, and higher per diems are generally required with respect to 
construction, due to the fact that such areas are long distances from urban areas, where labor is 
generally abundant.  Remote location designations were also considered in locations where 
higher equipment freight costs are typically incurred, which for example are regions not near 
established rail or highway access.  Remote locations related to the BCC include Fairbanks, 
Alaska; Honolulu, Hawaii; Albuquerque, New Mexico; Cheyenne, Wyoming; and Cayey, Puerto 
Rico. 


Labor wage and productivity differences were handled as discussed in Section 2.5.1, taking into 
consideration the amount of labor we estimated for the BCC Facility.  


Location adjustments were made to locations where higher cost of living levels are incurred 
and/or where population density generally correlates to higher construction costs for power and 
other infrastructure projects.  These locations include Alaska, California, Connecticut, Delaware, 
District of Columbia, Hawaii, Illinois, Maine, Maryland, Massachusetts, Michigan, Minnesota, 
New York, Ohio, and Wisconsin. 


Owner costs were reviewed based on the need for utility upgrades and/or infrastructure costs 
such as new facility transmission lines to tie to existing utility transmission substations or 
existing transmission lines.    


Table 14-2 presents the BBFB Facility capital cost variations for alternative U.S. plant locations. 
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TABLE 14-2– LOCATION-BASED COSTS FOR BBFB  
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 3,860 25.8% 995 4,855 


Alaska Fairbanks 3,860 27.9% 1,076 4,936 


Alabama Huntsville 3,860 -9.7% (376) 3,484 


Arizona Phoenix 0 0.0% 0 0 


Arkansas Little Rock 3,860 -8.1% (311) 3,549 


California Los Angeles 3,860 13.4% 516 4,376 


California Redding 3,860 6.3% 242 4,102 


California Bakersfield 3,860 5.7% 221 4,081 


California Sacramento 3,860 11.9% 460 4,320 


California San Francisco 3,860 35.6% 1,373 5,233 


Colorado Denver 3,860 -8.2% (318) 3,542 


Connecticut Hartford 3,860 22.9% 882 4,742 


Delaware Dover 3,860 19.3% 745 4,605 


District of Columbia Washington 3,860 31.6% 1,219 5,079 


Florida Tallahassee 3,860 -13.1% (506) 3,354 


Florida Tampa 3,860 -5.7% (221) 3,639 


Georgia Atlanta 3,860 -10.5% (407) 3,453 


Hawaii Honolulu 3,860 58.2% 2,248 6,108 


Idaho Boise 3,860 -6.2% (238) 3,622 


Illinois Chicago 3,860 22.7% 875 4,735 


Indiana Indianapolis 3,860 1.5% 56 3,916 


Iowa Davenport 3,860 -1.9% (74) 3,786 


Iowa Waterloo 3,860 -11.0% (426) 3,434 


Kansas Wichita 3,860 -9.1% (350) 3,510 


Kentucky Louisville 3,860 -7.6% (295) 3,565 


Louisiana New Orleans 3,860 -13.5% (520) 3,340 


Maine Portland 3,860 -4.0% (156) 3,704 


Maryland Baltimore 3,860 1.6% 63 3,923 


Massachusetts Boston 3,860 33.5% 1,292 5,152 


Michigan Detroit 3,860 3.9% 150 4,010 


Michigan Grand Rapids 3,860 -9.6% (371) 3,489 


Minnesota St. Paul 3,860 4.3% 166 4,026 


Mississippi Jackson 3,860 -9.7% (373) 3,487 


Missouri St. Louis 3,860 4.7% 181 4,041 


Missouri Kansas City 3,860 2.5% 96 3,956 


Montana Great Falls 3,860 -4.8% (185) 3,675 


Nebraska Omaha 3,860 -5.1% (198) 3,662 


New Hampshire Concord 3,860 -3.6% (141) 3,719 


New Jersey Newark 3,860 18.1% 698 4,558 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New Mexico Albuquerque 0 0.0% 0 0 


New York New York 3,860 38.3% 1,477 5,337 


New York Syracuse 3,860 7.5% 288 4,148 


Nevada Las Vegas 0 0.0% 0 0 


North Carolina Charlotte 3,860 -13.4% (517) 3,343 


North Dakota Bismarck 3,860 -9.7% (376) 3,484 


Ohio Cincinnati 3,860 -2.0% (77) 3,783 


Oregon Portland 3,860 5.9% 228 4,088 


Pennsylvania Philadelphia 3,860 13.1% 507 4,367 


Pennsylvania Wilkes-Barre 3,860 -5.9% (229) 3,631 


Rhode Island Providence 3,860 3.4% 131 3,991 


South Carolina Spartanburg 3,860 -15.8% (611) 3,249 


South Dakota Rapid City 3,860 -13.1% (505) 3,355 


Tennessee Knoxville 3,860 -11.7% (453) 3,407 


Texas Houston 3,860 -11.6% (449) 3,411 


Utah Salt Lake City 0 0.0% 0 0 


Vermont Burlington 3,860 -8.1% (314) 3,546 


Virginia Alexandria 3,860 6.2% 240 4,100 


Virginia Lynchburg 3,860 -4.8% (186) 3,674 


Washington Seattle 3,860 9.9% 382 4,242 


Washington Spokane 3,860 -4.5% (172) 3,688 


West Virginia Charleston 3,860 -3.0% (117) 3,743 


Wisconsin Green Bay 3,860 -1.0% (39) 3,821 


Wyoming Cheyenne 0 0.0% 0 0 


Puerto Rico Cayey 3,860 -5.5% (213) 3,647 


14.5 O&M ESTIMATE 
In addition to the general items discussed in the section of this report entitled O&M Estimate, the 
BBFB Facility includes the major maintenance for the ST and associated electric generator, as 
well as the BOP.  These major maintenance expenses are included with the VOM expense for 
this technology and are given on an average basis across the MWhs incurred.  Typically, 
significant overhauls on a BBFB Facility occur no less frequently than 6 to 8 years.  Table 14-3 
presents the O&M expenses for the BBFB Facility. 


TABLE 14-3 – O&M EXPENSES FOR BCC  


Technology: BCC 
Fixed O&M Expense $100.50/kW-year 


Variable O&M Expense $5.0/MWh 
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14.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
The BBFB Facility utilizes BFB combustion to control NOX and CO.  SO2 in the BFB is 
managed through the use of low-sulfur biomass feedstocks.  The BBFB Facility does not include 
any control devices for CO2, which is proportional to the heat rate (inversely proportional to the 
efficiency) of the technology.  Water, wastewater, and solid waste compliance are achieved 
through traditional on-site and off-site methods, and the costs for such compliance are included 
in the O&M Estimate for the BBFB Facility.  Table 14-4 presents environmental emissions for 
the BBFB Facility. 


TABLE 14-4 – ENVIRONMENTAL EMISSIONS FOR BBFB 


Technology: BBFB 
NOX 0.08 lb/MMBtu 
SO2 0 lb/MMBtu 
CO2 195 lb/MMBtu 
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15. FUEL CELL (FC) MECHANICAL EQUIPMENT AND SYSTEMS 
The Fuel Cell (“FC”) Facility utilizes multiple phosphoric acid fuel cell units, each with a power 
output of 400 kW, for a total output of 10 MW.  The fuel cells convert chemical energy directly 
into electricity from natural gas and air vapor and produce heat and water vapor as byproducts.  
The fuel (the reactant) is introduced continuously to the anode side of the unit cell while air (the 
oxidant) is introduced continuously into the cathode side via a blower.  In a fuel cell, electricity 
is produced by ionic transfer across an electrolyte that separates the fuel from the air.  A high 
temperature fuel cell produces electricity by splitting a molecule of the oxidant into its ionic 
components at the cathode, passing ions through the electrolyte (e.g. in the case of the 
FC Facility, a phosphoric acid ion) and then reacting the ions with the fuel at the anode to 
produce heat to allow the reaction to occur.  During this ionic transfer process, two electrons are 
stripped from each ion to which develops a voltage and current.  Since each fuel cell develops a 
relatively low voltage, the cells are stacked to produce a higher, more useful voltage.  Depending 
on the type of fuel cell, high temperature waste heat from the process may be available for 
cogeneration applications.  Figure 15-1 presents the fuel cell process flow diagram. 


FIGURE 15-1 – FC DESIGN CONFIGURATION 


 


15.1 ELECTRICAL AND CONTROL SYSTEMS 
Each fuel cell stack generates DC electric power.  These stacks are connected to DC-to-AC 
inverters that produce an output of 60 Hz, three-phase 480 volt (“V”) AC electric power voltage.  
The inverters also provide power quality control and protection when designed to IEEE 
Standards.  The fuel cell units are connected through circuit breakers to a switchgear bus that 
combines the output of the fuel cell units for a total output of 10 MW.  The switchgear is 
connected through a circuit breaker to the local utility distribution system. 


Each individual fuel cell module has its own autonomous control system with an overall data 
acquisition system for the combined FC Facility.  


15.2 OFF-SITE REQUIREMENTS 
Natural gas is delivered to the FC Facility through a lateral or in an urban environment, 
potentially through the local distribution company infrastructure.  Water for all processes at the 
FC Facility is obtained from one of several available water sources, but given that the water 
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needs are low, a municipal (potable) water source would be preferable.  Wastewater is sent to a 
municipal wastewater system.  Further, the electrical interconnection from the FC Facility is into 
the local grid distribution infrastructure.   


15.3 CAPITAL COST ESTIMATE 
The base Cost Estimate for the FC Facility with a nominal capacity of 10 MW is $9,960/kW.  
Table 15-1 summarizes the Cost Estimate categories for the FC Facility.   


TABLE 15-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR FC 


Technology: FC 
Nominal Capacity (ISO): 10,000 kW 


Nominal Heat Rate (ISO): 9,500 Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     3,148 
   
Mechanical Equipment Supply and 
Installation     49,925 
   
Electrical / I&C Supply and Installation  2,050 
   


Project Indirects (1)  3,473 
   
EPC Cost before Contingency and Fee  58,596 
   
Fee and Contingency  4,688 
   
Total Project EPC  63,284 
   
Owner Costs (excluding project finance)  5,063 
   
Total Project Cost (excluding finance)  68,347 
   
Total Project EPC  / kW 6,328 
   
Owner Costs 8% (excluding project finance)  / kW 500 
   
Total Project Cost (excluding project finance)  / kW 6,835 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


   


For this type of technology and power plant configuration, our regional adjustments took into 
consideration the following:  seismic design differences, remote location issues, labor wage and 
productivity differences, location adjustments, owner cost differences, and the increase in 
overheads associated with these five adjustments. 
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Seismic design differences among the various locations were based on U.S. seismic map 
information that detailed the various seismic zones throughout the U.S.  No cost increases were 
associated with seismic Zone 0 and cost step increases were considered for Zones 1, 2, 3 and 4. 


Remote location issues are related to geographic areas that typically require installation of man 
camps, higher craft incentives, and higher per diems are generally required with respect to 
construction, due to the fact that such areas are long distances from urban areas, where labor is 
generally abundant.  Remote location designations were also considered in locations where 
higher equipment freight costs are typically incurred, which for example are regions not near 
established rail or highway access.  Remote locations related to the FC Facility include 
Fairbanks, Alaska; Honolulu, Hawaii; Albuquerque, New Mexico; Cheyenne, Wyoming; and 
Cayey, Puerto Rico. 


Labor wage and productivity differences were handled as discussed in Section 2.5.1, taking into 
consideration the amount of labor we estimated for the FC Facility.  


Location adjustments were made to locations where higher cost of living levels are incurred 
and/or where population density generally correlates to higher construction costs for power and 
other infrastructure projects.  These locations include Alaska, California, Connecticut, Delaware, 
District of Columbia, Hawaii, Illinois, Maine, Maryland, Massachusetts, Michigan, Minnesota, 
New York, Ohio, and Wisconsin. 


Owner costs were reviewed based on the need for utility upgrades and/or infrastructure costs 
such as new facility transmission lines to tie to existing utility transmission substations or 
existing transmission lines.     


Table 15-2 presents the FC Facility capital cost variations for alternative U.S. plant locations. 
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TABLE 15-2 – LOCATION-BASED COSTS FOR FC  
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 6,835 12.7% 871 7,706 


Alaska Fairbanks 6,835 18.4% 1,255 8,090 


Alabama Huntsville 6,835 -4.6% (312) 6,523 


Arizona Phoenix 6,835 -3.5% (240) 6,595 


Arkansas Little Rock 6,835 -3.7% (251) 6,584 


California Los Angeles 6,835 4.3% 293 7,128 


California Redding 6,835 1.7% 119 6,954 


California Bakersfield 6,835 2.2% 150 6,985 


California Sacramento 6,835 4.6% 313 7,148 


California San Francisco 6,835 10.7% 733 7,568 


Colorado Denver 6,835 -4.1% (278) 6,557 


Connecticut Hartford 6,835 4.4% 299 7,134 


Delaware Dover 6,835 2.4% 166 7,001 


District of Columbia Washington 6,835 1.9% 127 6,962 


Florida Tallahassee 6,835 -6.3% (432) 6,403 


Florida Tampa 6,835 -2.6% (179) 6,656 


Georgia Atlanta 6,835 -5.0% (340) 6,495 


Hawaii Honolulu 6,835 12.0% 817 7,652 


Idaho Boise 6,835 -3.0% (203) 6,632 


Illinois Chicago 6,835 10.0% 681 7,516 


Indiana Indianapolis 6,835 -0.6% (42) 6,793 


Iowa Davenport 6,835 -1.0% (65) 6,770 


Iowa Waterloo 6,835 -5.5% (378) 6,457 


Kansas Wichita 6,835 -4.5% (306) 6,529 


Kentucky Louisville 6,835 -3.8% (258) 6,577 


Louisiana New Orleans 6,835 -6.5% (445) 6,390 


Maine Portland 6,835 -2.4% (162) 6,673 


Maryland Baltimore 6,835 -1.3% (86) 6,749 


Massachusetts Boston 6,835 9.7% 662 7,497 


Michigan Detroit 6,835 2.3% 156 6,991 


Michigan Grand Rapids 6,835 -4.5% (310) 6,525 


Minnesota St. Paul 6,835 1.9% 133 6,968 


Mississippi Jackson 6,835 -4.5% (310) 6,525 


Missouri St. Louis 6,835 2.6% 180 7,015 


Missouri Kansas City 6,835 1.4% 94 6,929 


Montana Great Falls 6,835 -3.1% (209) 6,626 


Nebraska Omaha 6,835 -2.5% (172) 6,663 


New Hampshire Concord 6,835 -1.4% (98) 6,737 


New Jersey Newark 6,835 10.1% 689 7,524 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New Mexico Albuquerque 6,835 -2.8% (194) 6,641 


New York New York 6,835 22.2% 1,514 8,349 


New York Syracuse 6,835 -0.7% (48) 6,787 


Nevada Las Vegas 6,835 3.7% 253 7,088 


North Carolina Charlotte 6,835 -6.6% (451) 6,384 


North Dakota Bismarck 6,835 -4.6% (314) 6,521 


Ohio Cincinnati 6,835 -2.6% (180) 6,655 


Oregon Portland 6,835 1.6% 107 6,942 


Pennsylvania Philadelphia 6,835 6.7% 459 7,294 


Pennsylvania Wilkes-Barre 6,835 -2.9% (195) 6,640 


Rhode Island Providence 6,835 1.8% 124 6,959 


South Carolina Spartanburg 6,835 -7.6% (517) 6,318 


South Dakota Rapid City 6,835 -6.3% (429) 6,406 


Tennessee Knoxville 6,835 -5.8% (398) 6,437 


Texas Houston 6,835 -5.8% (398) 6,437 


Utah Salt Lake City 6,835 -3.7% (251) 6,584 


Vermont Burlington 6,835 -3.7% (251) 6,584 


Virginia Alexandria 6,835 -0.8% (52) 6,783 


Virginia Lynchburg 6,835 -4.0% (276) 6,559 


Washington Seattle 6,835 3.6% 244 7,079 


Washington Spokane 6,835 -1.8% (126) 6,709 


West Virginia Charleston 6,835 -1.2% (80) 6,755 


Wisconsin Green Bay 6,835 -1.9% (130) 6,705 


Wyoming Cheyenne 6,835 -3.6% (245) 6,590 


Puerto Rico Cayey 6,835 -0.2% (14) 6,821 


15.4 O&M ESTIMATE 
In addition to the general items discussed in the section of this report entitled O&M Estimate, 
since a FC is a direct energy conversion device, the specific O&M related to the FC Facility that 
differs from other facilities discussed in this report is the stack replacement, currently anticipated 
to be every five years by the various vendors and developers.  Table 15-3 presents the O&M 
expenses for the FC Facility. 


TABLE 15-3 – O&M EXPENSES FOR FC  


Technology: FC 
Fixed O&M Expense $350/kW-year 


Variable O&M Expense $0/MWh 
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15.5 ENVIRONMENTAL COMPLIANCE INFORMATION 
Table 15-4 presents environmental emissions for the FC Facility.  It should be noted that the CO2 
production from the FC Facility occurs as a result of reforming natural gas to the feedstock for 
the fuel cell module. 


TABLE 15-4 – ENVIRONMENTAL EMISSIONS FOR FC  


Technology: FC 
NOX <0.013 lb/MMBtu 
SO2 <0.00013 lb/MMBtu 
CO2 <130 lb/MMBtu 
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16. GEOTHERMAL DUAL FLASH (GT) 


16.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The Geothermal (“GT”) Facility produces 50 MW net of electricity.  The facility uses a 
dual-flash GT cycle, which includes one ST with the capability to generate 55 gross MW based 
on a high-temperature, high-salinity brine.  The GT Facility consists of production wells, a 
Turbine Generating Facility (“TGF”), a Brine Processing Facility (“BPF”), injection wells, and a 
plant injection well.  GT fluid in mixed phase (steam and brine) from the production wells is 
piped to the BPF where the fluid is flashed at successively lower pressures to produce three 
separate pressure levels of steam to be delivered to the TGF.  Additionally, the BPF will produce 
a concentrated brine to be further processed to remove solids. 


The GT production wells deliver the GT brine to the BPF where it is initially flashed in a 
separator drum to produce HP steam.  The remaining brine is subject to two additional pressure 
reduction stages, in closed pressure vessels called crystallizers, which are operated in a manner 
to prevent the rapid scaling of the vessel walls and internal parts by the precipitation of solids 
from the brine.  The medium-pressure crystallizer is supplied with a small quantity of seed flow, 
concentrated brine from the primary clarifier, to provide a nucleus to which the solids in the 
crystallizer brine can attach themselves and be carried out with the brine leaving the crystallizer.  
The separated brine from the crystallizers is sent through an atmospheric flash tank to reduce 
pressure, and then further processed via a primary and secondary clarifier system where the 
solids produced are formed into a solid cake after being passed through a filter press, treated with 
acid and neutralizing washes, and steam and hot-air dried to produce a silica rich filter cake 


Steam at the three pressure levels from the BPF is delivered to the TGF and directed through 
steam scrubbers (one for each pressure level), which are designed to produce 99.95 percent 
quality steam, by removing free liquids and a proportion of the entrained liquids within the 
steam.  The scrubbed steam is delivered to the ST.  The ST is a condensing ST equipped with 
dual HP, IP, and LP inlets.  Steam from the ST is condensed in a two-pass shell and tube 
condenser constructed of stainless steel, with part of the condensate used for cooling tower 
make-up, and the remainder pumped to the re-injection wells.  Condensate pumps direct 
condensate to the circulating water system, the purge system, or the condensate injection system.  
The non-condensable gases are evacuated by a non-condensable gas removal system and vent 
products delivered to an H2S abatement system.  Cooling water for the ST condenser is supplied 
by an induced-draft cooling tower.  Circulating water pumps direct water from the cooling tower 
to the ST condenser.  Make-up water for the cycle is supplied from the condensate from the ST 
condenser.  Additional make-up water may be needed during the summer months.  Figure 16-1 
presents a simplified process flow diagram for a GT power plant configuration. 
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FIGURE 16-1 – GT DESIGN CONFIGURATION 


 


16.2 ELECTRICAL AND CONTROL SYSTEMS 
The GT Facility has one ST electric generator.  The generator is a 60 Hz machine rated at 
approximately 70 MVA with an output voltage of 13.8 kV.  The ST electric generator is 
connected to a high-voltage bus in the facility switchyard via a dedicated generator circuit 
breaker, GSU, high-voltage circuit breaker and a disconnect switch.  The GSU increases the 
voltage from the electric generator from 13.8 kV to interconnected transmission system high 
voltage. 


The GT Facility is controlled using a DCS.  The DCS provides centralized control of the facility 
by integrating the control systems provided with the BPF, ST and associated electric generator, 
and the control of BOP systems and equipment. 


16.3 OFF-SITE REQUIREMENTS 
Since the GT Facility is fueled by a renewable, underground fuel source, an off-site fuel source, 
other than incidental plant heating, is not required.  Water for all processes at the GT Facility is 
obtained from one of several available water sources; however, due to the geography of most 
geothermal power plants, water is sourced from on-site wells.  Processed wastewater is generally 
re-injected, if wells are the source of water, though many GT facilities utilize ZLD.  Further, the 
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electrical interconnection from the GT Facility is accomplished by interconnecting via the plant 
switchyard into the utility high-voltage transmission system. 


16.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the GT Facility with a nominal capacity of 50 MW is $6,163/kW.  
Table 16-1 summarizes the Cost Estimate categories for the GT Facility.   


TABLE 16-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR GT 


Technology: GT 
Nominal Capacity (ISO): 50,000 kW 


Nominal Heat Rate (ISO): N/A Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     9,450 
   
Mechanical Equipment Supply and 
Installation (and well costs)     152,000 
   
Electrical / I&C Supply and Installation  12,062 
   


Project Indirects (1)  32,000 
   
EPC Cost before Contingency and Fee  205,512 
   
Fee and Contingency  30,827 
   
Total Project EPC  236,339 
   
Owner Costs (excluding project finance)  42,541 
   
Total Project Cost (excluding finance)  278,880 
   
Total Project EPC  / kW 4,726 
   
Owner Costs 18% (excluding project finance)  / kW 852 
   
Total Project Cost (excluding project finance)  / kW 5,578 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


   


For this type of technology and power plant configuration, our regional adjustments took into 
consideration the following: seismic design differences, local technical enhancements 
(e.g., additional noise remediation that is generally required in urban siting), remote location 
issues, labor wage and productivity differences, location adjustments, and the increase in 
overheads associated with these five adjustments.  It was assumed that geothermal facilities 
would only be considered in 13 states:  Alaska, Arizona, California, Colorado, Florida, Hawaii, 
Idaho, Nevada, New Mexico, Oregon, Utah, Washington, and Wyoming. 
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Seismic design differences among the various locations were based on U.S. seismic map 
information that detailed the various seismic zones throughout the U.S.  No cost increases were 
associated with seismic Zone 0 and cost step increases were considered for Zones 1, 2, 3 and 4. 


Remote location issues are related to geographic areas that typically require installation of man 
camps, higher craft incentives, and higher per diems are generally required with respect to 
construction, due to the fact that such areas are long distances from urban areas, where labor is 
generally abundant.  Remote location designations were also considered in locations where 
higher equipment freight costs are typically incurred, which for example are regions not near 
established rail or highway access.  Remote locations related to the Geothermal Facility include 
Fairbanks, Alaska; Honolulu, Hawaii; Albuquerque, New Mexico; and Cheyenne, Wyoming.  


Labor wage and productivity differences were handled as discussed in Section 2.5.1, taking into 
consideration the amount of labor we estimated for the GT Facility.  


Location adjustments were made to locations where higher cost of living levels are incurred 
and/or where population density generally correlates to higher construction costs for power and 
other infrastructure projects.  These locations include Alaska, California, Hawaii, and Wyoming. 


Table 16-2 presents the GT Facility capital cost variations for alternative U.S. plant locations. 
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TABLE 16-2 – LOCATION-BASED COSTS FOR GT  
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 5,580 13.9% 777 6,357 


Alaska Fairbanks 5,580 20.6% 1,150 6,730 


Alabama Huntsville 0 0.0% 0 0 


Arizona Phoenix 5,580 -3.1% (173) 5,407 


Arkansas Little Rock 0 0.0% 0 0 


California Los Angeles 5,580 5.4% 301 5,881 


California Redding 5,580 1.8% 101 5,681 


California Bakersfield 5,580 2.4% 136 5,716 


California Sacramento 5,580 4.9% 271 5,851 


California San Francisco 5,580 11.8% 661 6,241 


Colorado Denver 5,580 -3.0% (165) 5,415 


Connecticut Hartford 0 0.0% 0 0 


Delaware Dover 0 0.0% 0 0 


District of Columbia Washington 0 0.0% 0 0 


Florida Tallahassee 0 0.0% 0 0 


Florida Tampa 0 0.0% 0 0 


Georgia Atlanta 0 0.0% 0 0 


Hawaii Honolulu 5,580 21.8% 1,217 6,797 


Idaho Boise 5,580 -2.6% (146) 5,434 


Illinois Chicago 0 0.0% 0 0 


Indiana Indianapolis 0 0.0% 0 0 


Iowa Davenport 0 0.0% 0 0 


Iowa Waterloo 0 0.0% 0 0 


Kansas Wichita 0 0.0% 0 0 


Kentucky Louisville 0 0.0% 0 0 


Louisiana New Orleans 0 0.0% 0 0 


Maine Portland 0 0.0% 0 0 


Maryland Baltimore 0 0.0% 0 0 


Massachusetts Boston 0 0.0% 0 0 


Michigan Detroit 0 0.0% 0 0 


Michigan Grand Rapids 0 0.0% 0 0 


Minnesota St. Paul 0 0.0% 0 0 


Mississippi Jackson 0 0.0% 0 0 


Missouri St. Louis 0 0.0% 0 0 


Missouri Kansas City 0 0.0% 0 0 


Montana Great Falls 0 0.0% 0 0 


Nebraska Omaha 0 0.0% 0 0 


New Hampshire Concord 0 0.0% 0 0 


New Jersey Newark 0 0.0% 0 0 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New Mexico Albuquerque 5,580 -2.1% (117) 5,463 


New York New York 0 0.0% 0 0 


New York Syracuse 0 0.0% 0 0 


Nevada Las Vegas 5,580 3.5% 193 5,773 


North Carolina Charlotte 0 0.0% 0 0 


North Dakota Bismarck 0 0.0% 0 0 


Ohio Cincinnati 0 0.0% 0 0 


Oregon Portland 5,580 1.7% 92 5,672 


Pennsylvania Philadelphia 0 0.0% 0 0 


Pennsylvania Wilkes-Barre 0 0.0% 0 0 


Rhode Island Providence 0 0.0% 0 0 


South Carolina Spartanburg 0 0.0% 0 0 


South Dakota Rapid City 0 0.0% 0 0 


Tennessee Knoxville 0 0.0% 0 0 


Texas Houston 0 0.0% 0 0 


Utah Salt Lake City 5,580 -3.1% (173) 5,407 


Vermont Burlington 0 0.0% 0 0 


Virginia Alexandria 0 0.0% 0 0 


Virginia Lynchburg 0 0.0% 0 0 


Washington Seattle 5,580 3.5% 194 5,774 


Washington Spokane 5,580 -1.8% (103) 5,477 


West Virginia Charleston 0 0.0% 0 0 


Wisconsin Green Bay 0 0.0% 0 0 


Wyoming Cheyenne 5,580 -2.9% (164) 5,416 


Puerto Rico Cayey 0 0.0% 0 0 


16.5 O&M ESTIMATE 
In addition to the general items discussed in the section of this report entitled O&M Estimate, the 
GT Facility includes major maintenance on the ST, electric generator (each approximately every 
six years) and well field maintenance, which can vary depending on the GT resource.  Table 16-3 
presents the FOM and VOM expenses for the GT Facility.   


TABLE 16-3 – O&M EXPENSES FOR GT  


Technology: GT 
Fixed O&M Expense $84.27/kW-year 


Variable O&M Expense $9.46/MWh 


16.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
Table 16-4 presents environmental emissions for the GT Facility. 
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TABLE 16-4 – ENVIRONMENTAL EMISSIONS FOR GT  


Technology: GT 
NOX 0 per MWh 
SO2 0.2 per MWh 
CO2 120 per MWh 
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17. GEOTHERMAL BINARY (BINARY) 


17.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The Geothermal Binary (“Binary”) Facility produces 50 MW net of electricity.  The Binary 
Facility consists primarily of three heat recovery systems.  These heat recovery systems operate 
on a closed looped organic supercritical Rankine cycle using geothermal brine as a heat source, 
with a brine temperature approximately 275°F.  Cycle heat rejection will be provided through 
three cooling towers.  After supplying the three heat recovery systems with hot water, the 
geothermal brine will be re-injected into the resource at approximately 140°F through injection 
wells. 


The heat recovery systems are equipped with a multistage, radial inflow turbo-expander 
generator unit.  The turbo-expander is designed for a supercritical refrigerant inlet pressure and 
temperature.  Each turbo-expander unit has a design output (gross) of approximately 10,000 kW. 


Refrigerant is pumped from the condenser to the evaporators in each heat recovery system by 
means of a single high pressure vertical turbine pump.   


FIGURE 17-1 – GT DESIGN CONFIGURATION 


 


17.2 ELECTRICAL AND CONTROL SYSTEMS 
There are to be three turbine generators at the Binary Facility.  Each turbine generator is to be an 
air cooled unit with static excitation designed for operation at 60 Hz, three-phase and 12.5 kV.  
Each turbine generator is to be rated for 18 MW with a power factor range of 0.85 lagging.   


The three turbine generators are to be connected to a single GSU connected through a generator 
circuit breaker and a switchgear main circuit breaker and underground cable to a switch on a 
common open air bus in the Binary Facility substation.   
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17.3 OFF-SITE REQUIREMENTS 
Since the Binary Facility is fueled by a renewable, underground fuel source, an off-site fuel 
source, other than incidental plant heating is not required.  Water for all processes at the Binary 
Facility is obtained from one of several available water sources; however, due to the geography 
of most geothermal power plants, water is sourced from on-site wells.  Processed wastewater is 
generally re-injected, if wells are the source of water, though many Binary facilities utilize ZLD.  
Further, the electrical interconnection from the Binary Facility is accomplished by 
interconnecting via the plant switchyard into the utility high-voltage transmission system. 


17.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the Binary Facility with a nominal capacity of 50 MW is $4,141/kW.  
Table 17-1 summarizes the Cost Estimate categories for the Binary Facility.   


TABLE 17-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR GT 


Technology: GT 
Nominal Capacity (ISO): 50,000 kW 


Nominal Heat Rate (ISO): N/A Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     6,760 
   
Mechanical Equipment Supply and 
Installation (and well costs)     107,545 
   
Electrical / I&C Supply and Installation  13,345 
   


Project Indirects (1)  29,000 
   
EPC Cost before Contingency and Fee  156,650 
   
Fee and Contingency  18,798 
   
Total Project EPC  175,448 
   
Owner Costs (excluding project finance)  31,598 
   
Total Project Cost (excluding finance)  207,046 
   
Total Project EPC  / kW 3,509 
   
Owner Costs 18% (excluding project finance)  / kW 632 
   
Total Project Cost (excluding project finance)  / kW 4,141 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 
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For this type of technology and power plant configuration, our regional adjustments took into 
consideration the following: seismic design differences, local technical enhancements 
(e.g., additional noise remediation that is generally required in urban siting), remote location 
issues, labor wage and productivity differences, location adjustments, and the increase in 
overheads associated with these five adjustments.  It was assumed that geothermal facilities 
would only be considered in 13 states:  Alaska, Arizona, California, Colorado, Florida, Hawaii, 
Idaho, Nevada, New Mexico, Oregon, Utah, Washington, and Wyoming. 


Seismic design differences among the various locations were based on U.S. seismic map 
information that detailed the various seismic zones throughout the U.S.  No cost increases were 
associated with seismic Zone 0 and cost step increases were considered for Zones 1, 2, 3 and 4. 


Remote location issues are related to geographic areas that typically require installation of man 
camps, higher craft incentives, and higher per diems are generally required with respect to 
construction, due to the fact that such areas are long distances from urban areas, where labor is 
generally abundant.  Remote location designations were also considered in locations where 
higher equipment freight costs are typically incurred, which for example are regions not near 
established rail or highway access.  Remote locations related to the Geothermal Facility include 
Fairbanks, Alaska; Honolulu, Hawaii; Albuquerque, New Mexico; and Cheyenne, Wyoming.  


Labor wage and productivity differences were handled as discussed in Section 2.5.1, taking into 
consideration the amount of labor we estimated for the GT Facility.  


Location adjustments were made to locations where higher cost of living levels are incurred 
and/or where population density generally correlates to higher construction costs for power and 
other infrastructure projects.  These locations include Alaska, California, Hawaii, and Wyoming. 


Table 17-2 presents the GT Facility capital cost variations for alternative U.S. plant locations. 
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TABLE 17-2 – LOCATION-BASED COSTS FOR GT  
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 4,140 17.1% 710 4,850 


Alaska Fairbanks 4,140 26.0% 1,075 5,215 


Alabama Huntsville 0 0.0% 0 0 


Arizona Phoenix 4,140 -3.0% (125) 4,015 


Arkansas Little Rock 0 0.0% 0 0 


California Los Angeles 4,140 6.5% 270 4,410 


California Redding 4,140 2.1% 88 4,228 


California Bakersfield 4,140 3.1% 127 4,267 


California Sacramento 4,140 5.4% 222 4,362 


California San Francisco 4,140 13.4% 553 4,693 


Colorado Denver 4,140 -2.7% (112) 4,028 


Connecticut Hartford 0 0.0% 0 0 


Delaware Dover 0 0.0% 0 0 


District of Columbia Washington 0 0.0% 0 0 


Florida Tallahassee 0 0.0% 0 0 


Florida Tampa 0 0.0% 0 0 


Georgia Atlanta 0 0.0% 0 0 


Hawaii Honolulu 4,140 28.5% 1,178 5,318 


Idaho Boise 4,140 -2.5% (105) 4,035 


Illinois Chicago 0 0.0% 0 0 


Indiana Indianapolis 0 0.0% 0 0 


Iowa Davenport 0 0.0% 0 0 


Iowa Waterloo 0 0.0% 0 0 


Kansas Wichita 0 0.0% 0 0 


Kentucky Louisville 0 0.0% 0 0 


Louisiana New Orleans 0 0.0% 0 0 


Maine Portland 0 0.0% 0 0 


Maryland Baltimore 0 0.0% 0 0 


Massachusetts Boston 0 0.0% 0 0 


Michigan Detroit 0 0.0% 0 0 


Michigan Grand Rapids 0 0.0% 0 0 


Minnesota St. Paul 0 0.0% 0 0 


Mississippi Jackson 0 0.0% 0 0 


Missouri St. Louis 0 0.0% 0 0 


Missouri Kansas City 0 0.0% 0 0 


Montana Great Falls 0 0.0% 0 0 


Nebraska Omaha 0 0.0% 0 0 


New Hampshire Concord 0 0.0% 0 0 


New Jersey Newark 0 0.0% 0 0 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New Mexico Albuquerque 4,140 -1.8% (76) 4,064 


New York New York 0 0.0% 0 0 


New York Syracuse 0 0.0% 0 0 


Nevada Las Vegas 4,140 3.6% 150 4,290 


North Carolina Charlotte 0 0.0% 0 0 


North Dakota Bismarck 0 0.0% 0 0 


Ohio Cincinnati 0 0.0% 0 0 


Oregon Portland 4,140 2.0% 81 4,221 


Pennsylvania Philadelphia 0 0.0% 0 0 


Pennsylvania Wilkes-Barre 0 0.0% 0 0 


Rhode Island Providence 0 0.0% 0 0 


South Carolina Spartanburg 0 0.0% 0 0 


South Dakota Rapid City 0 0.0% 0 0 


Tennessee Knoxville 0 0.0% 0 0 


Texas Houston 0 0.0% 0 0 


Utah Salt Lake City 4,140 -2.9% (118) 4,022 


Vermont Burlington 0 0.0% 0 0 


Virginia Alexandria 0 0.0% 0 0 


Virginia Lynchburg 0 0.0% 0 0 


Washington Seattle 4,140 3.8% 158 4,298 


Washington Spokane 4,140 -1.7% (72) 4,068 


West Virginia Charleston 0 0.0% 0 0 


Wisconsin Green Bay 0 0.0% 0 0 


Wyoming Cheyenne 4,140 -2.6% (106) 4,034 


Puerto Rico Cayey 0 0.0% 0 0 


17.5 O&M ESTIMATE 
In addition to the general items discussed in the section of this report entitled O&M Estimate, the 
Binary Facility includes major maintenance on the turbines, electric generator (each 
approximately every six years) and well field maintenance, which can vary depending on the 
Binary Facility resource.  Table 17-3 presents the FOM and VOM expenses for the Binary 
Facility.   


TABLE 17-3 – O&M EXPENSES FOR BINARY  


Technology: GT 
Fixed O&M Expense $43.82/kW-year 


Variable O&M Expense $5.15/MWh 
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17.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
Table 17-4 presents environmental emissions for the Binary Facility. 


TABLE 17-4 – ENVIRONMENTAL EMISSIONS FOR BINARY  


Technology: Binary 
NOX 0 per MWh 
SO2 0.2 per MWh 
CO2 120 per MWh 
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18. MUNICIPAL SOLID WASTE (MSW) 


18.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The MSW Facility processes approximately 2,000 tons per day of MSW and produces 
approximately 50 MW.  Three refuse-fired boilers are installed, which incorporate the Marin 
mass-burning technology and grates specifically designed for combusting waste having an HHV 
between 4,000 and 6,500 Btu/lb.  The three boilers together produce approximately 450,000 lb/hr 
of 900 psia steam. 


Grapple cranes are used to transfer solid waste from a storage pit to loading chutes, where 
hydraulically operated feeds push the MSW onto the grates at a rate determined by the 
combustion control system.  The Martin grates are constructed as assemblies of modular grate 
units.  The units are driven by hydraulic systems to provide a reverse reciprocating motion of the 
grates, which move the burning refuse along the length of the downward sloped grate.  At the 
end of its travel along the grate, the MSW is completely combusted, and the remaining ash 
residue falls into a proprietary Martin ash residue discharger, which receives the combustion 
residue and cools it in a quench chamber.  The fly ash from the dry flue gas scrubber and fabric 
filter baghouse is conveyed to the ash discharger where it is combined with the bottom ash and 
quenched.  After being quenched, the combined ash residue is pushed up an inclined 
draining/drying chute.  Excess water from the residue drains back into the quench bath.  The 
residue, containing sufficient moisture to prevent dusting, is transferred by a conveyor to a 
residue storage pit.  Clamshell grapple cranes transport the residue to a scalper screen.  The 
scalper screen extracts pieces of the residue larger than a certain size in order to protect the 
downstream equipment.  The smaller material which passes through the scalper screen is fed 
onto a conveyer belt which discharges onto a vibrating feeder.  The vibrating feeder passes the 
residue beneath a magnetic drum to separate ferrous material from the ash.  Non-magnetic 
residue falls onto a distribution conveyor for distribution to a transport vehicle.  Ferrous material 
is conveyed to a rotating trommel screen for cleaning, after which it is conveyed to a roll-off 
container. 


Each boiler is equipped with a dry flue gas scrubber in combination with a reverse air fabric 
filter baghouse.  The dry scrubbers remove the acid gases (mainly SO2, hydrochloric acid and 
hydrofluoric acid) from the flue gas.  A hydrated lime injection system prior to the dry scrubber 
augments the AGR capability of the system.  The reverse air baghouse reduces dioxin/furan and 
particulate emissions.  The facility also uses selective non-catalytic reduction (“SNCR”) for NOX 
control, and activated carbon injection for mercury control. 


Steam from the boilers is used to drive a single condensing ST for the production of 
approximately 50 MW of net electricity.  The ST exhausts to a water-cooled condenser which 
receives circulating cooling water from an evaporative-type cooling tower.  The ST includes 
extraction taps to provide steam for feedwater heating, air preheating and other miscellaneous 
steam requirements.  The MSW process flow diagram at a high level is similar to the pulverized 
coal flow diagram, except that the fuel source is MSW, rather than coal (see Figure 3-1). 


The MSW process flow diagram at a high level is similar to the pulverized coal flow diagram, 
except that the fuel source is MSW, rather than coal. 
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18.2 ELECTRICAL AND CONTROL SYSTEMS 
The MSW Facility has one ST electric generator.  The generator is a 60 Hz machine rated at 
approximately 70 MVA with an output voltage of 13.8 kV.  The ST electric generator is 
connected to a high-voltage bus in the facility switchyard via a dedicated generator circuit 
breaker, GSU, high-voltage circuit breaker and a disconnect switch.  The GSU increases the 
voltage from the electric generator from 13.8 kV to interconnected transmission system high 
voltage. 


The MSW Facility is controlled using a DCS.  The DCS provides centralized control of the 
facility by integrating the control systems provided with the boiler, ST and associated electric 
generator, and the control of BOP systems and equipment. 


18.3 OFF-SITE REQUIREMENTS 
MSW is delivered to the facility via rail, truck or barge.  Water for all processes at the 
MSW Facility can be obtained from one of a variety of sources.  The MSW Facility uses a water 
treatment system and a high-efficiency reverse osmosis system to reduce the dissolved solids 
from the cooling water and to provide distilled water for boiler make-up.  Wastewater is sent to a 
municipal wastewater system or other approved alternative.  Further, the electrical 
interconnection from the MSW Facility on-site switchyard is effectuated by a connection to an 
adjacent utility substation. 


18.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the MSW Facility with a nominal capacity of 50 MW is $8,232/kW.  
Table 18-1 summarizes the Cost Estimate categories for the GT Facility.   
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TABLE 18-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR MSW 


Technology: MSW 
Nominal Capacity (ISO): 50,000 kW 


Nominal Heat Rate (ISO): 18,000 Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     33,875 
   
Mechanical Equipment Supply and 
Installation     183,000 
   
Electrical / I&C Supply and Installation  25,300 
   


Project Indirects (1)  56,080 
   
EPC Cost before Contingency and Fee  298,255 
   
Fee and Contingency  44,738 
   
Total Project EPC  342,993 
   
Owner Costs (excluding project finance)  68,599 
   
Total Project Cost (excluding finance)  411,592 
   
Total Project EPC  / kW 6,860 
   
Owner Costs 20% (excluding project finance)  / kW 1,372 
   
Total Project Cost (excluding project finance)  / kW 8,232 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


   


For this type of technology and power plant configuration, our regional adjustments took into 
consideration the following:  seismic design differences, local enhancements, remote location 
issues, labor wage and productivity differences, location adjustments, and the increase in 
overheads associated with these five adjustments. 


Seismic design differences among the various locations were based on U.S. seismic map 
information that detailed the various seismic zones throughout the U.S.  No cost increases were 
associated with seismic Zone 0 and cost step increases were considered for Zones 1, 2, 3 and 4. 


Remote location issues are related to geographic areas that typically require installation of man 
camps, higher craft incentives, and higher per diems are generally required with respect to 
construction, due to the fact that such areas are long distances from urban areas, where labor is 
generally abundant.  Remote location designations were also considered in locations where 
higher equipment freight costs are typically incurred, which for example are regions not near 
established rail or highway access.  Remote locations related to the MSW Facility include 
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Fairbanks, Alaska; Honolulu, Hawaii; Albuquerque, New Mexico; Cheyenne, Wyoming; and 
Cayey, Puerto Rico. 


Labor wage and productivity differences were handled as discussed in Section 2.5.1, taking into 
consideration the amount of labor we estimated for the MSW Facility.  


Location adjustments were made to locations where higher cost of living levels are incurred 
and/or where population density generally correlates to higher construction costs for power and 
other infrastructure projects.  These locations include Alaska, California, Connecticut, Delaware, 
District of Columbia, Hawaii, Illinois, Maine, Maryland, Massachusetts, Michigan, Minnesota, 
New York, Ohio, and Wisconsin. 


Table 18-2 presents the MSW Facility capital cost variations for alternative U.S. plant locations. 


TABLE 18-2 – LOCATION-BASED COSTS FOR MSW  
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 8,240 12.8% 1,054 9,294 


Alaska Fairbanks 8,240 17.7% 1,459 9,699 


Alabama Huntsville 8,240 -5.8% (474) 7,766 


Arizona Phoenix 8,240 -4.5% (371) 7,869 


Arkansas Little Rock 8,240 -4.7% (387) 7,853 


California Los Angeles 8,240 5.2% 430 8,670 


California Redding 8,240 1.9% 154 8,394 


California Bakersfield 8,240 2.1% 176 8,416 


California Sacramento 8,240 5.7% 472 8,712 


California San Francisco 8,240 13.4% 1,104 9,344 


Colorado Denver 8,240 -4.7% (384) 7,856 


Connecticut Hartford 8,240 5.2% 429 8,669 


Delaware Dover 8,240 3.1% 258 8,498 


District of Columbia Washington 8,240 1.7% 140 8,380 


Florida Tallahassee 8,240 -7.9% (649) 7,591 


Florida Tampa 8,240 -3.3% (268) 7,972 


Georgia Atlanta 8,240 -6.3% (515) 7,725 


Hawaii Honolulu 8,240 19.9% 1,638 9,878 


Idaho Boise 8,240 -3.8% (315) 7,925 


Illinois Chicago 8,240 12.5% 1,033 9,273 


Indiana Indianapolis 8,240 -0.9% (78) 8,162 


Iowa Davenport 8,240 -1.0% (79) 8,161 


Iowa Waterloo 8,240 -6.7% (548) 7,692 


Kansas Wichita 8,240 -5.4% (446) 7,794 


Kentucky Louisville 8,240 -4.8% (392) 7,848 


Louisiana New Orleans 8,240 -7.3% (603) 7,637 


Maine Portland 8,240 -4.1% (341) 7,899 


Maryland Baltimore 8,240 -1.7% (144) 8,096 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Massachusetts Boston 8,240 11.8% 975 9,215 


Michigan Detroit 8,240 2.7% 220 8,460 


Michigan Grand Rapids 8,240 -5.8% (475) 7,765 


Minnesota St. Paul 8,240 2.3% 190 8,430 


Mississippi Jackson 8,240 -5.7% (471) 7,769 


Missouri St. Louis 8,240 3.0% 247 8,487 


Missouri Kansas City 8,240 1.8% 150 8,390 


Montana Great Falls 8,240 -4.0% (333) 7,907 


Nebraska Omaha 8,240 -3.0% (243) 7,997 


New Hampshire Concord 8,240 -2.0% (166) 8,074 


New Jersey Newark 8,240 11.9% 984 9,224 


New Mexico Albuquerque 8,240 -3.5% (287) 7,953 


New York New York 8,240 26.3% 2,167 10,407 


New York Syracuse 8,240 -0.4% (31) 8,209 


Nevada Las Vegas 8,240 4.5% 370 8,610 


North Carolina Charlotte 8,240 -8.3% (688) 7,552 


North Dakota Bismarck 8,240 -5.6% (463) 7,777 


Ohio Cincinnati 8,240 -3.1% (256) 7,984 


Oregon Portland 8,240 1.7% 136 8,376 


Pennsylvania Philadelphia 8,240 8.5% 698 8,938 


Pennsylvania Wilkes-Barre 8,240 -3.4% (283) 7,957 


Rhode Island Providence 8,240 2.8% 229 8,469 


South Carolina Spartanburg 8,240 -9.5% (786) 7,454 


South Dakota Rapid City 8,240 -7.9% (654) 7,586 


Tennessee Knoxville 8,240 -7.3% (603) 7,637 


Texas Houston 8,240 -7.3% (598) 7,642 


Utah Salt Lake City 8,240 -4.9% (401) 7,839 


Vermont Burlington 8,240 -4.4% (364) 7,876 


Virginia Alexandria 8,240 -1.8% (148) 8,092 


Virginia Lynchburg 8,240 -5.1% (420) 7,820 


Washington Seattle 8,240 4.1% 342 8,582 


Washington Spokane 8,240 -2.8% (228) 8,012 


West Virginia Charleston 8,240 -1.6% (135) 8,105 


Wisconsin Green Bay 8,240 -2.3% (186) 8,054 


Wyoming Cheyenne 8,240 -4.6% (383) 7,857 


Puerto Rico Cayey 8,240 -1.7% (144) 8,096 


18.5 O&M ESTIMATE 
In addition to the general items discussed in the section of this report entitled O&M Estimate, the 
MSW Facility includes major maintenance for the feedstock handling, ST, electric generator, 
boiler, and BOP systems.  Table 18-3 presents the O&M expenses for the MSW Facility. 
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TABLE 18-3 – O&M EXPENSES FOR MSW 


Technology: MSW 
Fixed O&M Expense $373.76/kW-year 


Variable O&M Expense $8.33/MWh 


18.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
As mentioned above in the section on mechanical systems, each boiler is equipped with a dry 
flue gas scrubber in combination with a reverse air fabric filter baghouse.  A hydrated lime 
injection system prior to the dry scrubber augments the AGR capability of the system.  The 
reverse air baghouse reduces dioxin/furan and particulate emissions, an SNCR is used for NOX 
control, and activated carbon injection is used for mercury control.  Table 18-4 presents 
environmental emissions for the MSW Facility. 


TABLE 18-4 – ENVIRONMENTAL EMISSIONS FOR MSW 


Technology: MSW 
NOX 0.27 lb/MMBtu 
SO2 0.07 lb/MMBtu 
CO2 200 lb/MMBtu 
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19. HYDROELECTRIC (HY) 


19.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The 500 MW Hydroelectric (“HY”) Facility is composed of two 250 MW vertical shaft Francis 
turbine generator units with a minimum of 650 feet (200 meters) of head.  Figure 19-1 presents 
the HY process flow diagram. 


FIGURE 19-1 – HY DESIGN CONFIGURATION 


 


19.2 ELECTRICAL AND CONTROL SYSTEMS 
The HY Facility has two synchronous electric generators.  Each generator is a 60 Hz machine 
rated at approximately 300 MVA with an output voltage of approximately 23 kV.  Each electric 
generator is connected to a high-voltage bus in the facility switchyard via a dedicated generator 
circuit breaker, GSU, high-voltage circuit breaker and a disconnect switch.  In some instances, 
the generator is connected directly to its GSU and connected through a disconnect switch 
between two breakers on the high-voltage bus.  The GSU increases the voltage from the electric 
generator from 23 kV to interconnected transmission system high voltage. 


The HY Facility is controlled using a DCS.  The DCS provides centralized control of the facility 
by integrating the control systems provided hydro-turbine and associated electric generator and 
the control of BOP systems and equipment. 


19.3 OFF-SITE REQUIREMENTS 
Since the fuel source for the HY Facility is renewable, the most important off-site requirement is 
the electrical interconnection to the high-voltage transmission system of the utility, which can be 
effectuated through the HY Facility switchyard. 
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19.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the HY Facility with a nominal capacity of 500 MW is $3,076/kW.  
Table 19-1 summarizes the Cost Estimate categories for the HY Facility.   


TABLE 19-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR HY  


Technology: HY 
Nominal Capacity (ISO): 500,000 kW 


Nominal Heat Rate (ISO): Not Applicable 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     634,250 
   
Mechanical Equipment Supply and 
Installation     253,000 
   
Electrical / I&C Supply and Installation  77,600 
   


Project Indirects (1)  174,500 
   
EPC Cost before Contingency and Fee  1,139,350 
   
Fee and Contingency  142,419 
   
Total Project EPC  1,281,769 
   
Owner Costs (excluding project finance)  256,354 
   
Total Project Cost (excluding finance)  1,538,123 
   
Total Project EPC  / kW 2,564 
   
Owner Costs 20% (excluding project finance)  / kW 513 
   
Total Project Cost (excluding project finance)  / kW 3,076 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


   


For this type of technology and power plant configuration, our regional adjustments took into 
consideration the following:  seismic design differences, local technical enhancements 
(e.g., additional noise remediation that is generally required in urban siting), remote location 
issues, labor wage and productivity differences, location adjustments, and the increase in 
overheads associated with these five adjustments.  The assumption was made that hydroelectric 
facilities would only be considered for construction in the states of Alaska, California, Colorado, 
Connecticut, Idaho, Maine, Missouri, Montana, North Carolina, Ohio, Oregon, South Dakota, 
and Washington. 
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Seismic design differences among the various locations were based on U.S. seismic map 
information that detailed the various seismic zones throughout the U.S.  No cost increases were 
associated with seismic Zone 0 and cost step increases were considered for Zones 1, 2, 3 and 4. 


The locations with local technical enhancements include California, Colorado, Connecticut, and 
Delaware.  These are areas where technical enhancements generally need to be made by a project 
developer or utility to comply with the applicable permitting/siting requirements.   


Remote location issues are related to geographic areas that typically require installation of man 
camps, higher craft incentives, and higher per diems are generally required with respect to 
construction, due to the fact that such areas are long distances from urban areas, where labor is 
generally abundant.  Remote location designations were also considered in locations where 
higher equipment freight costs are typically incurred, which for example are regions not near 
established rail or highway access.  The remote location related to the Hydroelectric Facility is 
Fairbanks, Alaska. 


Labor wage and productivity differences were handled as discussed in Section 2.5.1, taking into 
consideration the amount of labor we estimated for the HY Facility.  


Location adjustments were made to locations where higher cost of living levels are incurred 
and/or where population density generally correlates to higher construction costs for power and 
other infrastructure projects.  These locations include Alaska, California, Connecticut, Maine, 
Ohio, and South Dakota. 


Table 19-2 presents the HY Facility capital cost variations for alternative U.S. plant locations. 
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TABLE 19-2 – LOCATION-BASED COSTS FOR HY  
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 3,080 20.1% 619 3,699 


Alaska Fairbanks 3,080 31.6% 974 4,054 


Alabama Huntsville 0 0.0% 0 0 


Arizona Phoenix 0 0.0% 0 0 


Arkansas Little Rock 0 0.0% 0 0 


California Los Angeles 3,080 7.4% 228 3,308 


California Redding 3,080 2.8% 88 3,168 


California Bakersfield 3,080 2.4% 75 3,155 


California Sacramento 3,080 3.7% 113 3,193 


California San Francisco 3,080 13.2% 408 3,488 


Colorado Denver 3,080 -1.3% (40) 3,040 


Connecticut Hartford 3,080 6.4% 197 3,277 


Delaware Dover 0 0.0% 0 0 


District of Columbia Washington 0 0.0% 0 0 


Florida Tallahassee 0 0.0% 0 0 


Florida Tampa 0 0.0% 0 0 


Georgia Atlanta 0 0.0% 0 0 


Hawaii Honolulu 0 0.0% 0 0 


Idaho Boise 3,080 -1.6% (49) 3,031 


Illinois Chicago 0 0.0% 0 0 


Indiana Indianapolis 0 0.0% 0 0 


Iowa Davenport 0 0.0% 0 0 


Iowa Waterloo 0 0.0% 0 0 


Kansas Wichita 0 0.0% 0 0 


Kentucky Louisville 0 0.0% 0 0 


Louisiana New Orleans 0 0.0% 0 0 


Maine Portland 3,080 -0.8% (23) 3,057 


Maryland Baltimore 0 0.0% 0 0 


Massachusetts Boston 0 0.0% 0 0 


Michigan Detroit 0 0.0% 0 0 


Michigan Grand Rapids 0 0.0% 0 0 


Minnesota St. Paul 0 0.0% 0 0 


Mississippi Jackson 0 0.0% 0 0 


Missouri St. Louis 3,080 1.3% 41 3,121 


Missouri Kansas City 3,080 1.4% 42 3,122 


Montana Great Falls 3,080 -1.2% (37) 3,043 


Nebraska Omaha 0 0.0% 0 0 


New Hampshire Concord 0 0.0% 0 0 


New Jersey Newark 0 0.0% 0 0 


New Mexico Albuquerque 0 0.0% 0 0 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New York New York 0 0.0% 0 0 


New York Syracuse 0 0.0% 0 0 


Nevada Las Vegas 0 0.0% 0 0 


North Carolina Charlotte 3,080 0.0% 20 3,100 


North Dakota Bismarck 0 0.0% 0 0 


Ohio Cincinnati 3,080 -1.6% (49) 3,031 


Oregon Portland 3,080 4.7% 145 3,225 


Pennsylvania Philadelphia 0 0.0% 0 0 


Pennsylvania Wilkes-Barre 0 0.0% 0 0 


Rhode Island Providence 0 0.0% 0 0 


South Carolina Spartanburg 0 0.0% 0 0 


South Dakota Rapid City 3,080 -3.9% (119) 2,961 


Tennessee Knoxville 0 0.0% 0 0 


Texas Houston 0 0.0% 0 0 


Utah Salt Lake City 0 0.0% 0 0 


Vermont Burlington 0 0.0% 0 0 


Virginia Alexandria 0 0.0% 0 0 


Virginia Lynchburg 0 0.0% 0 0 


Washington Seattle 3,080 3.5% 109 3,189 


Washington Spokane 3,080 -1.0% (31) 3,049 


West Virginia Charleston 0 0.0% 0 0 


Wisconsin Green Bay 0 0.0% 0 0 


Wyoming Cheyenne 0 0.0% 0 0 


Puerto Rico Cayey 0 0.0% 0 0 


19.5 O&M ESTIMATE 
In addition to the general items discussed in the section of the report entitled O&M Estimate, the 
most significant differentiating O&M expenses for the HY Facility include dam and associated 
civil major maintenance and hydro-turbine major maintenance, which are generally conducted 
approximately every ten years.  Because HY power plants are typically operated when available, 
most operators consider a majority of O&M expenses for this technology to be fixed.  Table 19-3 
presents the O&M expenses for the HY Facility. 


TABLE 19-3 – O&M EXPENSES FOR HY  


Technology: HY 
Fixed O&M Expense $13.44/kW-year 


Variable O&M Expense $0/MWh 


19.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
The HY Facility does not burn a fuel and consequently there are no air emissions from this type 
of plant.  Table 19-4 presents environmental emissions for the HY Facility. 
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TABLE 19-4 – ENVIRONMENTAL EMISSIONS FOR HY 


Technology: HY 
NOX 0 lb/MMBtu 
SO2 0 lb/MMBtu 
CO2 0 lb/MMBtu 
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20. PUMPED STORAGE (PS) 


20.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The 250 MW Pumped Storage (“PS”) Facility is composed of two 125 MW Francis turbine 
generator units.  During off-peak hours, water is pumped from a lower reservoir to an upper 
reservoir using electricity from the grid.  During the generating cycle, water is discharged 
through the reversible turbine generators to produce power.  Figure 20-1 presents the PS process 
flow diagram. 


FIGURE 20-1 – PS DESIGN CONFIGURATION 


 
20.2 ELECTRICAL AND CONTROL SYSTEMS 
The PS Facility has two synchronous electric generators that are also capable of being operated 
as motors powered from the grid to provide the pumping function by driving the Francis 
hydro-turbines in reverse.  The generators are 60 Hz machines rated at approximately 150 MVA 
with an output voltage of 13.8 kV to 24 kV.  Each electric generator is connected to a high-
voltage bus in the facility switchyard via a dedicated generator circuit breaker, GSU, 
high-voltage circuit breaker and a disconnect switch.  The GSU increases the voltage from the 
electric generator voltage to the interconnected transmission system high voltage. 


The PS Facility is controlled using a DCS.  The DCS provides centralized control of the facility 
by integrating the control systems provided with the hydro-turbine and associated electric 
generator and the control of BOP systems and equipment. 


20.3 OFF-SITE REQUIREMENTS 
Similar to the HY Facility, since the fuel source for the PS Facility is renewable, the most 
important off-site requirement is the electrical interconnection to the high-voltage transmission 
system of the utility, which can be effectuated through the PS switchyard.  Unlike the HY 
Facility, which uses the backfeed from the utility transmission system only to run required plant 
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loads when the hydro-turbines are not operating, significant volumes of electricity are consumed 
in off-peak hours at the PS Facility. 


20.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the PS Facility with a nominal capacity of 250 MW is $5,595/kW.  
Table 20-1 summarizes the Cost Estimate categories for the PS Facility.  However, it should be 
noted that the construction costs for future pumped storage power plants are strongly impacted 
by the size (e.g., larger plants are most generally lower cost on a $/kW basis) and by the existing 
infrastructure that may be leveraged in the development, design, and construction. 


TABLE 20-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR PS  


Technology: PS 
Nominal Capacity (ISO): 250,000 kW 


Nominal Heat Rate (ISO): N/A Btu/kWh-HHV  
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     653,000 
   
Mechanical Equipment Supply and 
Installation     152,400 
   
Electrical / I&C Supply and Installation  73,700 
   


Project Indirects (1)  171,100 
   
EPC Cost before Contingency and Fee  1,050,200 
   
Fee and Contingency  115,522 
   
Total Project EPC  1,165,722 
   
Owner Costs (excluding project finance)  233,144 
   
Total Project Cost (excluding finance)  1,398,866 
   
Total Project EPC  / kW 4,663 
   
Owner Costs 20% (excluding project finance)  / kW 933 
   
Total Project Cost (excluding project finance)  / kW 5,595 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


   


For this type of technology and power plant configuration, our regional adjustments took into 
consideration the following: seismic design differences, local technical enhancements, remote 
location issues, labor wage and productivity differences, location adjustments, and the increase 
in overheads associated with these five adjustments listed.  While the analysis shown below 
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contemplates cost adjustment factors for each area considered, realistically, there are certain 
areas that do not have enough elevation difference to cost effectively produce a pumped storage 
plant. 


Seismic design differences among the various locations were based on U.S. seismic map 
information that detailed the various seismic zones throughout the U.S.  No cost increases were 
associated with seismic Zone 0 and cost step increases were considered for Zones 1, 2, 3 and 4. 


The locations with local technical enhancements include California, Colorado, Connecticut, 
Delaware, District of Columbia, Louisiana, Maryland, Massachusetts, New Jersey, New York, 
Rhode Island, Vermont, and Virginia.  These are areas where noise, visual impacts, and other 
technical enhancements generally need to be made by a project developer or utility to comply 
with the applicable permitting/siting requirements.   


Remote location issues are related to geographic areas that typically require installation of man 
camps, higher craft incentives, and higher per diems are generally required with respect to 
construction, due to the fact that such areas are long distances from urban areas, where labor is 
generally abundant.  Remote location designations were also considered in locations where 
higher equipment freight costs are typically incurred, which for example are regions not near 
established rail or highway access.  Remote locations related to the Pumped Storage Facility 
include Fairbanks, Alaska; Honolulu, Hawaii; Albuquerque, New Mexico; Cheyenne, Wyoming; 
and Cayey, Puerto Rico. 


Labor wage and productivity differences were handled as discussed in Section 2.5.1., taking into 
consideration the amount of labor we estimated for the PS Facility.  


Location adjustments were made to locations where higher cost of living levels are incurred 
and/or where population density generally correlates to higher construction costs for power and 
other infrastructure projects.  These locations include Alaska, California, Connecticut, Delaware, 
District of Columbia, Hawaii, Illinois, Maine, Maryland, Massachusetts, Michigan, Minnesota, 
New York, Ohio; and Wisconsin. 


Table 20-2 presents the PS Facility capital cost variations for alternative U.S. plant locations. 
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TABLE 20-2 – LOCATION-BASED COSTS FOR PS  
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 5,595 17.6% 985 6,580 


Alaska Fairbanks 5,595 24.7% 1,382 6,977 


Alabama Huntsville 5,595 -7.4% (413) 5,182 


Arizona Phoenix 5,595 -5.7% (322) 5,273 


Arkansas Little Rock 5,595 -6.0% (335) 5,260 


California Los Angeles 5,595 7.1% 398 5,993 


California Redding 5,595 2.5% 141 5,736 


California Bakersfield 5,595 3.0% 166 5,761 


California Sacramento 5,595 7.5% 422 6,017 


California San Francisco 5,595 17.8% 994 6,589 


Colorado Denver 5,595 -5.9% (329) 5,266 


Connecticut Hartford 5,595 7.0% 392 5,987 


Delaware Dover 5,595 4.3% 243 5,838 


District of Columbia Washington 5,595 2.8% 155 5,750 


Florida Tallahassee 0 0 0 0 


Florida Tampa 0 0 0 0 


Georgia Atlanta 5,595 -8.0% (449) 5,146 


Hawaii Honolulu 5,595 15.8% 883 6,478 


Idaho Boise 5,595 -4.9% (273) 5,322 


Illinois Chicago 5,595 16.2% 907 6,502 


Indiana Indianapolis 5,595 -1.1% (64) 5,531 


Iowa Davenport 5,595 -1.2% (66) 5,529 


Iowa Waterloo 5,595 -8.5% (476) 5,119 


Kansas Wichita 0 0 0 0 


Kentucky Louisville 5,595 -6.1% (341) 5,254 


Louisiana New Orleans 5,595 -9.3% (519) 5,076 


Maine Portland 5,595 -5.2% (290) 5,305 


Maryland Baltimore 5,595 -2.0% (110) 5,485 


Massachusetts Boston 5,595 15.5% 869 6,464 


Michigan Detroit 5,595 3.5% 196 5,791 


Michigan Grand Rapids 5,595 -7.4% (413) 5,182 


Minnesota St. Paul 5,595 3.0% 168 5,763 


Mississippi Jackson 5,595 -7.3% (410) 5,185 


Missouri St. Louis 5,595 4.0% 222 5,817 


Missouri Kansas City 5,595 2.4% 136 5,731 


Montana Great Falls 5,595 -5.1% (286) 5,309 


Nebraska Omaha 5,595 -3.7% (209) 5,386 


New Hampshire Concord 5,595 -2.5% (140) 5,455 


New Jersey Newark 5,595 15.5% 867 6,462 


New Mexico Albuquerque 5,595 -4.4% (245) 5,350 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New York New York 5,595 34.3% 1,921 7,516 


New York Syracuse 5,595 -0.2% (13) 5,582 


Nevada Las Vegas 5,595 5.8% 326 5,921 


North Carolina Charlotte 5,595 -10.7% (599) 4,996 


North Dakota Bismarck 5,595 -7.1% (399) 5,196 


Ohio Cincinnati 5,595 -3.9% (220) 5,375 


Oregon Portland 5,595 3.1% 171 5,766 


Pennsylvania Philadelphia 5,595 11.0% 615 6,210 


Pennsylvania Wilkes-Barre 5,595 -4.3% (243) 5,352 


Rhode Island Providence 5,595 3.7% 209 5,804 


South Carolina Spartanburg 5,595 -12.2% (684) 4,911 


South Dakota Rapid City 5,595 -10.2% (569) 5,026 


Tennessee Knoxville 5,595 -9.4% (526) 5,069 


Texas Houston 5,595 -9.3% (523) 5,072 


Utah Salt Lake City 5,595 -6.2% (344) 5,251 


Vermont Burlington 5,595 -5.5% (309) 5,286 


Virginia Alexandria 5,595 -2.2% (121) 5,474 


Virginia Lynchburg 5,595 -6.5% (366) 5,229 


Washington Seattle 5,595 5.4% 305 5,900 


Washington Spokane 5,595 -3.5% (197) 5,398 


West Virginia Charleston 5,595 -2.0% (114) 5,481 


Wisconsin Green Bay 5,595 -2.8% (157) 5,438 


Wyoming Cheyenne 5,595 -5.8% (324) 5,271 


Puerto Rico Cayey 5,595 -1.7% (95) 5,500 


20.5 O&M ESTIMATE 
The O&M discussion in Section 17.5, related to the HY Facility at a high-level is applicable to 
the PS Facility, including the fact that most operators budget for a given PS facility on a FOM 
expense basis only.  The additional areas of O&M that are applicable to the PS Facility that are 
not applicable to the HY Facility are pump and associated motor maintenance.  Table 20-3 
presents the O&M expenses for the PS Facility. 


TABLE 20-3 – O&M EXPENSES FOR PS  


Technology: PS 
Fixed O&M Expense $13.03/kW-year 


Variable O&M Expense $0/MWh 


20.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
The PS Facility does not directly burn a fuel and consequently there are no air emissions from 
this type of plant.  Note that the fuel used to power the off-peak energy market, allowing 
off-peak pumping to the reservoir, is not considered in this report.  Table 20-4 presents 
environmental emissions for the PS Facility. 
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TABLE 20-4 – ENVIRONMENTAL EMISSIONS FOR PS  


Technology: PS 
NOX 0 lb/MMBtu 
SO2 0 lb/MMBtu 
CO2 0 lb/MMBtu 
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21. ONSHORE WIND (WN) 


21.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The Onshore Wind (“WN”) Facility is based on 67 wind turbine generators (“WTGs”), each with 
a rated capacity of 1.5 MW.  The total design capacity is 100 MW.   


The turbines are each supported by a conical steel tower, which is widest at the base and tapers 
in diameter just below the nacelle.  A foundation provides the tower with a firm anchor to the 
ground.  The nacelle is attached to the top of the tower and contains the main mechanical 
components of the wind turbine, which include a variable-speed generator, transmission, and 
yaw drive.  The rotor hub connects to the transmission through one end of the nacelle, and the 
rotor is then connected to the hub.  The WTG has a three-bladed rotor with a diameter of 
77 meters.  The WTG has an active yaw system in the nacelle to keep the rotor facing into the 
wind.  


Power is generated by the wind turbines, then converted using an onboard transformer to 
34.5 kV AC.  It is then delivered to a collection system at the base of each turbine.  Power from 
all turbines will be collected by the underground collection circuit. 


The collection system supplies power to a new substation designed to step up the voltage to 
115 kV for interconnection with the transmission system.  Other facility components include 
access roads, an O&M building and electrical interconnection facilities.  Figure 21-1 presents a 
picture of a typical WN Facility. 


FIGURE 21-1 – WN DESIGN CONFIGURATION 
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21.2 ELECTRICAL AND CONTROL SYSTEMS 
The WN Facility has 67 wind turbine-driven electric generators.  Each generator is a doubly-fed 
induction generator that feeds an AC/DC/AC power converter that provides an output of 
three-phase, 60 Hz electrical power.  The power output available is approximately 1.75 MVA 
with an output voltage of 575 V stepped up to 34.5 kV using a pad-mounted transformer at the 
base of the wind turbine.  The wind turbine transformers are interconnected on one or more 
underground collector circuits that are connected to a collector bus through a circuit breaker for 
each circuit.  The collector bus is connected to a high-voltage transmission system through the 
facility substation, which includes a 34.5 kV switch or circuit breaker, GSU, high-voltage circuit 
breaker, and a disconnect switch.  The GSU increases the voltage from the electric generator 
from 34.5 kV to interconnected transmission system high voltage. 


The WN Facility is controlled using a control system generally referred to as the wind farm 
supervisory control and data acquisition (“SCADA”) system.  The SCADA system provides 
centralized control of the facility by integrating the control systems provided with each of the 
wind turbines and the control of BOP systems and equipment. 


21.3 OFF-SITE REQUIREMENTS 
Since wind uses a renewable fuel, the most significant off-site requirements are the construction 
of and interconnection to roads and the electrical interconnection to the utility high-voltage 
transmission system, as discussed in Section 19.2.   


21.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the WN Facility with a nominal capacity of 100 MW is $2,400/kW.  
Table 21-1 summarizes the Cost Estimate categories for the WN Facility.  
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TABLE 21-1 – LOCATION-BASED COSTS FOR WN  


Technology: WN 
Nominal Capacity (ISO): 100,000 kW 


Nominal Heat Rate (ISO): N/A Btu/kWh-HHV  
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     25,625 
   
Mechanical Equipment Supply and 
Installation     158,585 
   
Electrical / I&C Supply and Installation  27,753 
   


Project Indirects (1)  8,070 
   
EPC Cost before Contingency and Fee  220,033 
   
Fee and Contingency  10,000 
   
Total Project EPC  230,033 
   
Owner Costs (excluding project finance)  13,802 
   
Total Project Cost (excluding finance)  243,835 
   
Total Project EPC  / kW 2,300 
   
Owner Costs 6% (excluding project finance)  / kW 138 
   
Total Project Cost (excluding project finance)  / kW 2,438 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


   


For this type of technology and power plant configuration, our regional adjustments took into 
consideration the following:  seismic design differences, remote location issues, labor wage and 
productivity differences, location adjustments, and owner cost differences and the increase in 
overheads associated with these five adjustments. 


Seismic design differences among the various locations were based on U.S. seismic map 
information that detailed the various seismic zones throughout the U.S.  No cost increases were 
associated with seismic Zone 0 and cost step increases were considered for Zones 1, 2, 3 and 4. 


Remote location issues are related to geographic areas that typically require installation of man 
camps, higher craft incentives, and higher per diems are generally required with respect to 
construction, due to the fact that such areas are long distances from urban areas, where labor is 
generally abundant.  Remote location designations were also considered in locations where 
higher equipment freight costs are typically incurred, which for example are regions not near 
established rail or highway access.  Remote locations related to the WN Facility include 
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Fairbanks, Alaska; Honolulu, Hawaii; Albuquerque, New Mexico; Cheyenne, Wyoming; and 
Cayey, Puerto Rico. 


Labor wage and productivity differences were handled as discussed in Section 2.5.1, taking into 
consideration the amount of labor we estimated for the WN Facility.  


Location adjustments were made to locations where higher cost of living levels are incurred 
and/or where population density generally correlates to higher construction costs for power and 
other infrastructure projects.  These locations include Alaska, California, Connecticut, Delaware, 
District of Columbia, Hawaii, Illinois, Maine, Maryland, Massachusetts, Michigan, Minnesota, 
New York, Ohio, and Wisconsin. 


Owner costs were reviewed based on the need for utility upgrades and/or infrastructure costs 
such as new facility transmission lines to tie to existing utility transmission substations or 
existing transmission lines. 


Table 21-2 presents the WN Facility capital cost variations for alternative U.S. plant locations. 


TABLE 21-2 – LOCATION-BASED COSTS FOR WN  
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 2,440 25.2% 615 3,055 


Alaska Fairbanks 2,440 45.0% 1,099 3,539 


Alabama Huntsville 2,440 -3.5% (86) 2,354 


Arizona Phoenix 2,440 -2.4% (58) 2,382 


Arkansas Little Rock 2,440 -2.5% (61) 2,379 


California Los Angeles 2,440 12.4% 304 2,744 


California Redding 2,440 8.2% 200 2,640 


California Bakersfield 2,440 10.0% 243 2,683 


California Sacramento 2,440 10.5% 257 2,697 


California San Francisco 2,440 18.6% 453 2,893 


Colorado Denver 2,440 2.2% 54 2,494 


Connecticut Hartford 2,440 6.6% 162 2,602 


Delaware Dover 2,440 4.6% 111 2,551 


District of Columbia Washington 2,440 7.4% 182 2,622 


Florida Tallahassee 2,440 -5.3% (128) 2,312 


Florida Tampa 2,440 -2.2% (53) 2,387 


Georgia Atlanta 2,440 -3.9% (94) 2,346 


Hawaii Honolulu 2,440 27.4% 668 3,108 


Idaho Boise 2,440 3.4% 83 2,523 


Illinois Chicago 2,440 14.2% 346 2,786 


Indiana Indianapolis 2,440 0.3% 8 2,448 


Iowa Davenport 2,440 4.5% 111 2,551 


Iowa Waterloo 2,440 0.7% 18 2,458 


Kansas Wichita 2,440 1.9% 46 2,486 


Kentucky Louisville 2,440 -2.9% (70) 2,370 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Louisiana New Orleans 2,440 -5.4% (132) 2,308 


Maine Portland 2,440 6.4% 155 2,595 


Maryland Baltimore 2,440 1.7% 41 2,481 


Massachusetts Boston 2,440 11.1% 270 2,710 


Michigan Detroit 2,440 2.7% 67 2,507 


Michigan Grand Rapids 2,440 -3.2% (78) 2,362 


Minnesota St. Paul 2,440 7.5% 183 2,623 


Mississippi Jackson 2,440 -3.5% (85) 2,355 


Missouri St. Louis 2,440 3.6% 88 2,528 


Missouri Kansas City 2,440 1.7% 41 2,481 


Montana Great Falls 2,440 3.9% 95 2,535 


Nebraska Omaha 2,440 3.5% 86 2,526 


New Hampshire Concord 2,440 5.3% 128 2,568 


New Jersey Newark 2,440 10.5% 257 2,697 


New Mexico Albuquerque 2,440 3.8% 93 2,533 


New York New York 2,440 24.6% 600 3,040 


New York Syracuse 2,440 0.8% 20 2,460 


Nevada Las Vegas 2,440 9.0% 219 2,659 


North Carolina Charlotte 2,440 -4.9% (120) 2,320 


North Dakota Bismarck 2,440 2.1% 50 2,490 


Ohio Cincinnati 2,440 -1.9% (47) 2,393 


Oregon Portland 2,440 8.0% 196 2,636 


Pennsylvania Philadelphia 2,440 6.1% 150 2,590 


Pennsylvania Wilkes-Barre 2,440 -1.8% (44) 2,396 


Rhode Island Providence 2,440 2.1% 51 2,491 


South Carolina Spartanburg 2,440 -5.7% (140) 2,300 


South Dakota Rapid City 2,440 0.7% 17 2,457 


Tennessee Knoxville 2,440 -4.6% (111) 2,329 


Texas Houston 2,440 -4.8% (118) 2,322 


Utah Salt Lake City 2,440 3.7% 90 2,530 


Vermont Burlington 2,440 3.4% 83 2,523 


Virginia Alexandria 2,440 1.9% 46 2,486 


Virginia Lynchburg 2,440 -3.1% (75) 2,365 


Washington Seattle 2,440 4.4% 107 2,547 


Washington Spokane 2,440 4.9% 120 2,560 


West Virginia Charleston 2,440 -0.1% (3) 2,437 


Wisconsin Green Bay 2,440 -1.0% (25) 2,415 


Wyoming Cheyenne 2,440 4.3% 105 2,545 


Puerto Rico Cayey 2,440 6.9% 167 2,607 


21.5 O&M ESTIMATE 
In addition to the general items discussed in the section of the report entitled O&M Estimate, the 
major areas for O&M for an Onshore Wind Facility include periodic gearbox, WTG, electric 
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generator, and associated electric conversion (e.g., GSU) technology repairs and replacement.  
These devices typically undergo major maintenance every five to seven years.  Table 21-3 
presents the O&M expenses for the WN Facility. 


TABLE 21-3 – O&M EXPENSES FOR WN  


Technology: WN 
Fixed O&M Expense $28.07/kW-year 


Variable O&M Expense $0/MWh 


21.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
Since wind utilizes a renewable fuel and no additional fuel is combusted to make power from an 
Onshore Wind Facility, air emissions are not created.  Table 21-4 presents environmental 
emissions for the WN Facility. 


TABLE 21-4 – ENVIRONMENTAL EMISSIONS FOR WN  


Technology: WN 
NOX 0 lb/MMBtu 
SO2 0 lb/MMBtu 
CO2 0 lb/MMBtu 







 


 22-1


22. OFFSHORE WIND (WF) 


22.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The Offshore Wind (“WF”) Facility is based on 80 offshore WTGs, each with a rated capacity of 
5.0 MW.  The total design capacity is 400 MW.   


The turbines are each supported by a conical steel tower, which is widest at the base and tapers 
in diameter just below the nacelle.  A foundation provides the tower with a firm anchor to the 
ground.  The nacelle is attached to the top of the tower and contains the main mechanical 
components of the wind turbine, which include a variable-speed generator, transmission, and 
yaw drive.  The rotor hub connects to the transmission through one end of the nacelle, and the 
rotor is then connected to the hub.  The WTG has a three-bladed rotor with a diameter of 
approximately 125 meters.  The WTG has an active yaw system in the nacelle to keep the rotor 
facing into the wind.  The WF WTG is designed to withstand the conditions of the high seas, 
including additional redundancy of key components to enhance availability, corrosion protection 
and permanent monitoring. 


Power is generated by the wind turbines, then converted using an onboard transformer to 
34.5 kV AC.  It is then delivered to a collection system at the base of each turbine.  Power from 
all turbines is collected by the underground collection circuit. 


The collection system supplies power to a new substation designed to step up the voltage to 
115 kV for interconnection with the transmission system.  Figure 22-1 presents a picture of a 
currently operating WF Facility. 
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FIGURE 22-1 – WF DESIGN CONFIGURATION 


 
22.2 ELECTRICAL AND CONTROL SYSTEMS 
The WF Facility has 80 wind turbine-driven electric generators.  Each generator is a doubly-fed 
induction generator that feeds an AC/DC/AC power converter that provides an output of three-
phase, 60 Hz electrical power.  The power output available is approximately 5.5 MVA with an 
output voltage of 690 V stepped up to 34.5 kV using a transformer installed in the wind turbine 
pylon.  The wind turbine transformers are interconnected on one or more underwater collector 
circuits trenched into the seabed that are connected to a collector bus (or several collector busses) 
through a circuit breaker for each circuit.  The collector bus is connected to a high-voltage 
transmission system through the facility substation that includes a 34.5 kV switch or circuit 
breaker, GSU, high-voltage circuit breaker and a disconnect switch.  If there are multiple 
collector busses this arrangement may be replicated for each bus.  The GSU increases the voltage 
from the electric generator from 34.5 kV to interconnected transmission system high voltage. 


The WF Facility is controlled using a SCADA system.  The SCADA system provides centralized 
control of the facility by integrating the control systems provided with each of the wind turbines 
and the control of BOP systems and equipment. 


22.3 OFF-SITE REQUIREMENTS 
Similar to the WF Facility, the most significant off-site requirement for the WF Facility is the 
electrical interconnection to the utility transmission system, as discussed directly above. 
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22.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the WF Facility with a nominal capacity of 400 MW is $5,975/kW.  
Table 22-1 summarizes the Cost Estimate categories for the WF Facility.  


TABLE 22-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR WF 


Technology: WF 
Nominal Capacity (ISO): 400,000 kW 


Nominal Heat Rate (ISO): N/A Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     252,000 
   
Mechanical Equipment Supply and 
Installation     835,328 
   
Electrical / I&C Supply and Installation  148,302 
   


Project Indirects (1)  463,856 
   
EPC Cost before Contingency and Fee  1,699,486 
   
Fee and Contingency  212,436 
   
Total Project EPC  1,911,922 
   
Owner Costs (excluding project finance)  477,981 
   
Total Project Cost (excluding finance)  2,389,903 
   
Total Project EPC  / kW 4,780 
   
Owner Costs 25% (excluding project finance)  / kW 1,195 
   
Total Project Cost (excluding project finance)  / kW 5,975 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


   


For this type of technology and power plant configuration, our regional adjustments took into 
consideration the following: seismic design differences, remote location issues, labor wage and 
productivity differences, location adjustments, owner cost differences, and the increase in 
overheads associated with these five location adjustments.  The assumption was made that 
offshore wind projects would only be constructed offshore of the following states (where 
significant offshore wind resource is available):  Alaska, California, Connecticut, Delaware, 
District of Columbia, Georgia, Hawaii, Illinois, Indiana, Maine, Maryland, Massachusetts, 
Michigan, Minnesota, New Jersey, New York, North Carolina, Oregon, Rhode Island, South 
Carolina, Texas, Virginia, Washington, Wisconsin and Puerto Rico. 
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Seismic design differences among the various locations were based on U.S. seismic map 
information that detailed the various seismic zones throughout the U.S.  No cost increases were 
associated with seismic Zone 0 and cost step increases were considered for Zones 1, 2, 3 and 4. 


Remote locations issues are related to geographic areas that typically require installation of man 
camps, higher craft incentives, and higher per diems for construction, because such areas are 
long distances from urban areas, where labor is generally abundant.  Remote location 
designations were also considered in locations where higher equipment freight costs are typically 
incurred, which for example are regions not near established rail or highway access.  Remote 
locations related to the Offshore Wind Facility include Fairbanks, Alaska; Honolulu, Hawaii; and 
Cayey, Puerto Rico. 


Labor wage and productivity differences were handled as discussed in Section 2.5.1, taking into 
consideration the amount of labor we estimated for the WF Facility.  


Location adjustments were made to locations where higher cost of living levels are incurred 
and/or where population density generally correlates to higher construction costs for power and 
other infrastructure projects.  These locations include Alaska, California, Connecticut, Delaware, 
District of Columbia, Hawaii, Maine, Maryland, Massachusetts, New York, and Wisconsin. 


Owner costs were reviewed based on the need for utility upgrades and/or infrastructure costs 
such as new facility transmission lines to tie to existing utility transmission substations or 
existing transmission lines. 


Table 22-2 presents the WF Facility capital cost variations for alternative U.S. plant locations. 
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TABLE 22-2 – LOCATION-BASED COSTS FOR WF  
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 5,975 15.9% 952 6,927 


Alaska Fairbanks 0 0.0%   


Alabama Huntsville 0 0.0%   


Arizona Phoenix 0 0.0%   


Arkansas Little Rock 0 0.0%   


California Los Angeles 5,975 7.7% 460 6,435 


California Redding 0 0.0%   


California Bakersfield 0 0.0%   


California Sacramento 0 0.0%   


California San Francisco 5,975 16.6% 993 6,968 


Colorado Denver 0 0.0%   


Connecticut Hartford 5,975 5.7% 342 6,317 


Delaware Dover 5,975 3.1% 184 6,159 


District of Columbia Washington 5,975 1.8% 110 6,085 


Florida Tallahassee 0 0.0%   


Florida Tampa 0 0.0%   


Georgia Atlanta 5,975 -7.0% (418) 5,557 


Hawaii Honolulu 5,975 14.5% 864 6,839 


Idaho Boise 0 0.0%   


Illinois Chicago 5,975 16.0% 958 6,933 


Indiana Indianapolis 5,975 -1.0% (58) 5,917 


Iowa Davenport 0 0.0%   


Iowa Waterloo 0 0.0%   


Kansas Wichita 0 0.0%   


Kentucky Louisville 0 0.0%   


Louisiana New Orleans 0 0.0%   


Maine Portland 5,975 -2.6% (156) 5,819 


Maryland Baltimore 5,975 -2.1% (126) 5,849 


Massachusetts Boston 5,975 13.2% 787 6,762 


Michigan Detroit 5,975 2.8% 165 6,140 


Michigan Grand Rapids 5,975 -6.7% (403) 5,572 


Minnesota St. Paul 5,975 4.8% 288 6,263 


Mississippi Jackson 0 0.0%   


Missouri St. Louis 0 0.0%   


Missouri Kansas City 0 0.0%   


Montana Great Falls 0 0.0%   


Nebraska Omaha 0 0.0%   


New Hampshire Concord 0 0.0%   


New Jersey Newark 5,975 12.7% 761 6,736 


New Mexico Albuquerque 0 0.0%   
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New York New York 5,975 29.4% 1,759 7,734 


New York Syracuse 5,975 -1.2% (69) 5,906 


Nevada Las Vegas 0 0.0%   


North Carolina Charlotte 5,975 -9.3% (557) 5,418 


North Dakota Bismarck 0 0.0%   


Ohio Cincinnati 0 0.0%   


Oregon Portland 5,975 5.1% 302 6,277 


Pennsylvania Philadelphia 0 0.0%   


Pennsylvania Wilkes-Barre 0 0.0%   


Rhode Island Providence 5,975 2.5% 148 6,123 


South Carolina Spartanburg 5,975 -6.6% (391) 5,584 


South Dakota Rapid City 0 0.0%   


Tennessee Knoxville 0 0.0%   


Texas Houston 5,975 -8.2% (487) 5,488 


Utah Salt Lake City 0 0.0%   


Vermont Burlington 0 0.0%   


Virginia Alexandria 5,975 -2.7% (161) 5,814 


Virginia Lynchburg 5,975 -5.7% (340) 5,635 


Washington Seattle 5,975 4.8% 287 6,262 


Washington Spokane 0 0.0%   


West Virginia Charleston 0 0.0%   


Wisconsin Green Bay 5,975 -2.7% (164) 5,811 


Wyoming Cheyenne 0 0.0%   


Puerto Rico Cayey 5,975 -1.2% (72) 5,903 


22.5 O&M ESTIMATE 
The types of maintenance performed on the WF Facility are materially similar to the WN 
Facility, discussed in Section 19.5; however, the expenses are higher because maintaining 
offshore parts is considerably more complicated, due to staging on ships and with helicopters.  
Table 22-3 presents the FOM and VOM expenses for the WF Facility. 


TABLE 22-3 – O&M EXPENSES FOR WF  


Technology: WF 
Fixed O&M Expense $53.33/kW-year 


Variable O&M Expense $0/MWh 


22.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
Since the WF Facility uses a renewable fuel and no additional fuel is combusted, there are no air 
emissions.  Table 22-4 presents environmental emissions for the WF Facility. 
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TABLE 22-4 – ENVIRONMENTAL EMISSIONS FOR WF  


Technology: WF 
NOX 0 lb/MMBtu 
SO2 0 lb/MMBtu 
CO2 0 lb/MMBtu 
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23. SOLAR THERMAL - CENTRAL STATION (SO) 


23.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The 100 MW Solar Thermal (“SO”) Facility uses a solar concentrating thermal process based on 
direct steam, power towers, and heliostat mirror technology.  The SO Facility incorporates a 
Rankine-cycle reheat ST which receives steam from a solar steam generator and a solar 
superheater and reheated steam from a solar reheater.  The solar steam generator, solar 
superheater, and solar reheater are all installed at the top of a tower adjacent to a power block 
located at grade.  The tower and power block are generally in the center of a heliostat solar field.  
The solar energy heats water in the steam generator, superheater and reheat boiler to make steam 
that runs the ST.  The solar field and power generation equipment are started up each morning 
after sunrise and insolation (or light intensity) build-up, and are shut down in the evening when 
insolation drops below the level required for keeping the ST online.   


A partial load natural gas-fired boiler is used for thermal input to the ST during the morning 
start-up cycle.  The boiler is also generally operated during transient cloudy conditions, in order 
to keep the ST online and ready to resume production from solar thermal input, after the clouds 
clear.  After the cloud passes and solar-to-thermal input resumes, the ST will be returned to full 
solar production and the gas-fired boiler is shut down.  While permitting SO facilities with 
respect to water usage continues to be a challenge, our base assumption is that the SO Facility 
uses wet cooling technology.   


The power block consists of one solar power tower and an ST with a reheat cycle, and it uses 
typical auxiliary components for heat rejection, water treatment, water disposal, and 
interconnection to the grid.  Figure 23-1 presents a picture of a typical SO Facility. 
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FIGURE 23-1 – SO DESIGN CONFIGURATION 


 
23.2 ELECTRICAL AND CONTROL SYSTEMS 
The SO Facility has one ST electric generator.  The generator is a 60 Hz machine rated at 
approximately 120 MVA with an output voltage of 13.8 kV.  The ST electric generator is 
connected to a high-voltage bus in the facility switchyard via a dedicated generator circuit 
breaker, GSU, high-voltage circuit breaker and a disconnect switch.  The GSU increases the 
voltage from the electric generator from 13.8 kV to interconnected transmission system high 
voltage. 
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The SO Facility is controlled using a DCS.  The DCS provides centralized control of the facility 
by integrating the control systems provided with the solar steam generator/superheater/reheater 
system, ST and associated electric generator, and the control of BOP systems and equipment. 


23.3 OFF-SITE REQUIREMENTS 
Natural gas is delivered to the facility through a lateral connected to the local natural gas trunk 
line.  Water for all processes at the SO Facility is obtained from a one of several available water 
sources (e.g., municipal water supply); however, due to the remote location of most solar thermal 
power plants, water is often sourced through on-site wells.  The SO Facility uses a water 
treatment system and a high-efficiency reverse osmosis system to reduce the dissolved solids 
from the cooling water and to provide distilled water for HRSG make-up.  Processed wastewater 
is sent to a municipal wastewater system, re-injected on-site, or an on-site ZLD system.  Further, 
the electrical interconnection from the SO Facility on-site switchyard is effectuated by a 
connection to an adjacent utility substation. 


23.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the SO Facility with a nominal capacity of 100 MW is $4,692/kW.  
Table 23-1 summarizes the Cost Estimate categories for the SO Facility. 
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TABLE 23-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR SO  


Technology: SO 
Nominal Capacity (ISO): 100,000 kW 


Nominal Heat Rate (ISO): N/A Btu/kWh-HHV (2) 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     48,475 
   
Mechanical Equipment Supply and 
Installation     254,250 
   
Electrical / I&C Supply and Installation  40,750 
   


Project Indirects (1)  39,500 
   
EPC Cost before Contingency and Fee  382,975 
   
Fee and Contingency  25,000 
   
Total Project EPC  407,975 
   
Owner Costs (excluding project finance)  61,196 
   
Total Project Cost (excluding finance)  469,171 
   
Total Project EPC  / kW 4,080 
   
Owner Costs 15% (excluding project finance)  / kW 612 
   
Total Project Cost (excluding project finance)  / kW 4,692 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 
(2) Does not include natural gas firing, as such usage is sporadic and highly dependent on time of year and 


method of operation. 


   


For this type of technology and power plant configuration, our regional adjustments took into 
consideration the following:  seismic design differences, remote location issues, labor wage and 
productivity differences, location adjustments, owner cost differences, and the increase in 
overheads associated with the previous five location adjustments. 


Seismic design differences among the various locations were based on U.S. seismic map 
information that detailed the various seismic zones throughout the U.S.  No cost increases were 
associated with seismic Zone 0 and cost step increases were considered for Zones 1, 2, 3 and 4. 


Remote location issues are related to geographic areas that typically require installation of man 
camps, higher craft incentives, and higher per diems are generally required with respect to 
construction, due to the fact that such areas are long distances from urban areas, where labor is 
generally abundant.  Remote location designations were also considered in locations where 
higher equipment freight costs are typically incurred, which for example are regions not near 
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established rail or highway access.  Remote locations related to the Solar Thermal Facility 
include Honolulu, Hawaii; Albuquerque, New Mexico; Cheyenne, Wyoming; and Cayey, Puerto 
Rico. 


Labor wage and productivity differences were handled as discussed in Section 2.5.1, taking into 
consideration the amount of labor we estimated for the SO Facility.  


Location adjustments were made to locations where higher cost of living levels are incurred 
and/or where population density generally correlates to higher construction costs for power and 
other infrastructure projects.  These locations include Alaska, California, Connecticut, Delaware, 
District of Columbia, Hawaii, Illinois, Maine, Maryland, Massachusetts, Michigan, Minnesota, 
New York, Ohio, and Wisconsin. 


Owner costs were reviewed based on the need for utility upgrades and/or infrastructure costs 
such as new facility transmission lines to tie to existing utility transmission substations or 
existing transmission lines. 


Table 23-2 presents the SO Facility capital cost variations for alternative U.S. plant locations. 
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TABLE 23-2 – LOCATION-BASED COSTS FOR SO  
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 4,700 23.8% 1,119 5,819 


Alaska Fairbanks 4,700 35.4% 1,662 6,362 


Alabama Huntsville 4,700 -11.3% (532) 4,168 


Arizona Phoenix 4,700 -8.9% (417) 4,283 


Arkansas Little Rock 4,700 -9.3% (435) 4,265 


California Los Angeles 4,700 11.4% 538 5,238 


California Redding 4,700 6.3% 297 4,997 


California Bakersfield 4,700 6.7% 316 5,016 


California Sacramento 4,700 13.3% 623 5,323 


California San Francisco 4,700 26.8% 1,261 5,961 


Colorado Denver 4,700 -7.3% (344) 4,356 


Connecticut Hartford 4,700 9.2% 431 5,131 


Delaware Dover 4,700 4.7% 220 4,920 


District of Columbia Washington 4,700 1.6% 74 4,774 


Florida Tallahassee 4,700 -15.5% (727) 3,973 


Florida Tampa 4,700 -6.4% (300) 4,400 


Georgia Atlanta 4,700 -12.3% (578) 4,122 


Hawaii Honolulu 4,700 39.8% 1,871 6,571 


Idaho Boise 4,700 -4.8% (225) 4,475 


Illinois Chicago 4,700 26.8% 1,262 5,962 


Indiana Indianapolis 4,700 -1.9% (90) 4,610 


Iowa Davenport 4,700 0.4% 20 4,720 


Iowa Waterloo 4,700 -10.8% (505) 4,195 


Kansas Wichita 4,700 -8.3% (392) 4,308 


Kentucky Louisville 4,700 -9.4% (440) 4,260 


Louisiana New Orleans 4,700 -15.9% (748) 3,952 


Maine Portland 4,700 -5.9% (278) 4,422 


Maryland Baltimore 4,700 -4.4% (209) 4,491 


Massachusetts Boston 4,700 22.2% 1,043 5,743 


Michigan Detroit 4,700 4.8% 224 4,924 


Michigan Grand Rapids 4,700 -11.8% (554) 4,146 


Minnesota St. Paul 4,700 7.2% 340 5,040 


Mississippi Jackson 4,700 -11.2% (528) 4,172 


Missouri St. Louis 4,700 5.7% 270 4,970 


Missouri Kansas City 4,700 3.1% 144 4,844 


Montana Great Falls 4,700 -5.3% (248) 4,452 


Nebraska Omaha 4,700 -3.5% (165) 4,535 


New Hampshire Concord 4,700 -1.7% (80) 4,620 


New Jersey Newark 4,700 22.2% 1,042 5,742 


New Mexico Albuquerque 4,700 -4.6% (217) 4,483 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New York New York 4,700 50.1% 2,355 7,055 


New York Syracuse 4,700 -2.4% (114) 4,586 


Nevada Las Vegas 4,700 11.5% 542 5,242 


North Carolina Charlotte 4,700 -16.4% (772) 3,928 


North Dakota Bismarck 4,700 -8.8% (412) 4,288 


Ohio Cincinnati 4,700 -6.6% (310) 4,390 


Oregon Portland 4,700 5.9% 277 4,977 


Pennsylvania Philadelphia 4,700 16.1% 758 5,458 


Pennsylvania Wilkes-Barre 4,700 -7.3% (341) 4,359 


Rhode Island Providence 4,700 4.2% 196 4,896 


South Carolina Spartanburg 4,700 -18.8% (882) 3,818 


South Dakota Rapid City 4,700 -12.8% (604) 4,096 


Tennessee Knoxville 4,700 -14.4% (677) 4,023 


Texas Houston 4,700 -14.2% (670) 4,030 


Utah Salt Lake City 4,700 -6.9% (325) 4,375 


Vermont Burlington 4,700 -7.2% (338) 4,362 


Virginia Alexandria 4,700 -4.8% (225) 4,475 


Virginia Lynchburg 4,700 -10.0% (471) 4,229 


Washington Seattle 4,700 8.0% 377 5,077 


Washington Spokane 4,700 -2.7% (127) 4,573 


West Virginia Charleston 4,700 -3.3% (155) 4,545 


Wisconsin Green Bay 4,700 -4.9% (232) 4,468 


Wyoming Cheyenne 4,700 -7.0% (329) 4,371 


Puerto Rico Cayey 4,700 -4.0% (190) 4,510 


23.5 O&M ESTIMATE 
The typical O&M expenses for the SO Facility include mirror cleaning, repair, and replacement; 
thermal tube replacements; and BOP major maintenance.  The BOP major maintenance is similar 
to that which is performed on a combined-cycle plant:  HRSG, ST, and electric generator major 
maintenance, typically performed approximately every seven years.  Additionally, most thermal 
solar operators do not treat O&M on a variable basis, and consequently, all O&M expenses are 
shown below on a fixed basis.  Table 23-3 presents the O&M expenses for the SO Facility. 


TABLE 23-3 – O&M EXPENSES FOR SO  


Technology: SO 
Fixed O&M Expense $64.00/kW-year 


Variable O&M Expense $0/MWh 


23.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
Table 23-4 presents environmental emissions for the SO Facility. 
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TABLE 23-4 – ENVIRONMENTAL EMISSIONS FOR SO  


Technology: SO 
NOX 0 lb/MMBtu 
SO2 0 lb/MMBtu 
CO2 0 lb/MMBtu 
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24. PHOTOVOLTAIC (CENTRAL STATION) FACILITY (PV) 


24.1 MECHANICAL EQUIPMENT AND SYSTEMS 
The following describes a nominally 7 MW-AC Photovoltaic (“PV”) Facility.  An analysis is 
also provided for a nominally 150 MW-AC PV Facility, which is essentially a significant 
expansion of the 7 MW Facility; however, a detailed technical description (due to the similarities 
with the 7 MW Facility and the technology associated therewith) is not provided herein.  The PV 
Facility uses numerous arrays of ground-mounted, fixed-tilt PV modules which directly convert 
incident solar radiation into DC electricity, which can then be inverted to AC.  Additional BOP 
components include metal racks and foundations to support fixed panels and keep them aligned 
at the correct angle, DC wiring, combiner boxes where individual strings of panels are connected 
prior to being fed into the inverters, DC-to-AC inverters, AC wiring, various switchgear and 
step-up transformers, and a control system (partly incorporated into the inverter control 
electronics) to monitor plant output and adjust the balance of voltage and current to yield 
maximum power.  Figure 22-1 presents a picture of a typical PV Facility. 


FIGURE 24-1 – PV DESIGN CONFIGURATION 


 
24.2 ELECTRICAL AND CONTROL SYSTEMS 
The 7 MW-AC PV Facility is comprised of 14 half-megawatt building blocks, each block 
consisting of groups of PV modules connected to a 500 kW-AC inverter.  While the ratio of DC 
module capacity to AC inverter capacity varies, for this analysis we have assumed a ratio of 
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1.2:1, or 600 kW-DC of modules per 500 kW-AC inverter.  Such a ratio is typical of current 
systems, though higher ratios are becoming more common.  Groups of PV modules produce DC 
electricity and are connected in series to form “strings” which are then connected in parallel in a 
combiner box which contains a fuse for each string.  The cables are routed from the modules to 
combiner boxes and a number of combiner boxes are connected to the input of a 500 kW-AC 
inverter, which converts the aggregate power from DC to three-phase AC electricity at an output 
voltage of typically 265 V.  The output voltage of an inverter (or sometimes several inverters 
connected together) is stepped up to a higher voltage level, typically in the range of 13.8 kV (or 
34.5 kV for larger systems) through a GSU connected to the inverter output terminals.  Two 
inverters are often combined on each of transformer, each of which is rated 1 MVA.  The 
transformers are connected in groups to form circuits on an underground collection system.  The 
circuits are connected to a 13.8 kV circuit breaker and then to the local utility distribution grid. 


Each inverter has its own integral control system.  The aggregate of all the inverters and 
associated DC arrays are monitored through a SCADA system, sometimes provided by the 
inverter manufacturer. 


24.3 OFF-SITE REQUIREMENTS 
Unlike other power technologies discussed in this report, the essential off-site requirements for 
which provisions must be made on a PV Facility are water supply (generally in limited 
quantities) and an electrical interconnection between the PV Facility switchyard and the local 
utility distribution system. 


24.4 CAPITAL COST ESTIMATE 
The base Cost Estimate for the PV Facility with a nominal capacity of 7 MW-AC is 6,050/kW 
and with a nominal capacity of 150 MW is $4,755/kW.  Table 24-1 and Table 24-2 summarize 
the Cost Estimate categories for the PV Facility. 
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TABLE 24-1 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR PV 


Technology: PV 
Nominal Capacity (ISO): 7,000 kW 


Nominal Heat Rate (ISO): N/A Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     6,100 
   
Mechanical Equipment Supply and 
Installation     20,500 
   
Electrical / I&C Supply and Installation  3,550 
   


Project Indirects (1)  3,665 
   
EPC Cost before Contingency and Fee  33,815 
   
Fee and Contingency  4,000 
   
Total Project EPC  37,815 
   
Owner Costs (excluding project finance)  4,538 
   
Total Project Cost (excluding finance)  42,353 
   
Total Project EPC  / kW 5,402 
   
Owner Costs 12% (excluding project finance)  / kW 648 
   
Total Project Cost (excluding project finance)  / kW 6,050 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 
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TABLE 24-2 – BASE PLANT SITE CAPITAL COST ESTIMATE FOR PV 


Technology: PV 
Nominal Capacity (ISO): 150,000 kW 


Nominal Heat Rate (ISO): N/A Btu/kWh-HHV 
   
Capital Cost Category  (000s) (October 1, 2010$) 
   
Civil Structural Material and Installation     65,000 
   
Mechanical Equipment Supply and 
Installation     391,583 
   
Electrical / I&C Supply and Installation  64,350 
   


Project Indirects (1)  52,762 
   
EPC Cost before Contingency and Fee  573,695 
   
Fee and Contingency  68,843 
   
Total Project EPC  642,538 
   
Owner Costs (excluding project finance)  70,679 
   
Total Project Cost (excluding finance)  713,217 
   
Total Project EPC  / kW 4,283 
   
Owner Costs 12% (excluding project finance)  / kW 471 
   
Total Project Cost (excluding project finance)  / kW 4,755 
   
(1) Includes engineering, distributable costs, scaffolding, construction management, and start-up. 


   


For this type of technology and power plant configuration, our regional adjustments took into 
consideration the following:  seismic design differences, remote location issues, labor wage and 
productivity differences, location adjustments, owner cost differences, and the increase in 
overheads associated with these five location adjustments. 


Seismic design differences among the various locations were based on U.S. seismic map 
information that detailed the various seismic zones throughout the U.S.  No cost increases were 
associated with seismic Zone 0 and cost step increases were considered for Zones 1, 2, 3 and 4. 


Remote location issues are related to geographic areas that typically require installation of man 
camps, higher craft incentives, and higher per diems are generally required with respect to 
construction, due to the fact that such areas are long distances from urban areas, where labor is 
generally abundant.  Remote location designations were also considered in locations where 
higher equipment freight costs are typically incurred, which for example are regions not near 
established rail or highway access.  Remote locations related to the Photovoltaic Facility include 
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Fairbanks, Alaska; Honolulu, Hawaii; Albuquerque, New Mexico Cheyenne, Wyoming; and 
Cayey, Puerto Rico. 


Labor wage and productivity differences were handled as discussed in Section 2.5.1, taking into 
consideration the amount of labor we estimated for the PV Facility.  


Location adjustments were made to locations where higher cost of living levels are incurred 
and/or where population density generally correlates to higher construction costs for power and 
other infrastructure projects.  These locations include Alaska, California, Connecticut, Delaware, 
District of Columbia, Hawaii, Illinois, Maine, Maryland, Massachusetts, Michigan, Minnesota, 
New York, Ohio, and Wisconsin. 


Owner costs were reviewed based on the need for utility upgrades and/or infrastructure costs 
such as new facility transmission lines to tie to existing utility transmission substations or 
existing transmission lines.      


Table 24-3 and Table 24-4 present the PV Facility capital cost variations for alternative U.S. 
plant locations. 
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TABLE 24-3 – LOCATION-BASED COSTS FOR PV (7 MW) 
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 6,050 16.8% 1,016 7,066 


Alaska Fairbanks 6,050 25.6% 1,548 7,598 


Alabama Huntsville 6,050 -7.3% (441) 5,609 


Arizona Phoenix 6,050 -5.7% (344) 5,706 


Arkansas Little Rock 6,050 -5.9% (359) 5,691 


California Los Angeles 6,050 8.1% 490 6,540 


California Redding 6,050 4.6% 277 6,327 


California Bakersfield 6,050 5.0% 301 6,351 


California Sacramento 6,050 9.1% 549 6,599 


California San Francisco 6,050 18.1% 1,096 7,146 


Colorado Denver 6,050 -4.3% (263) 5,787 


Connecticut Hartford 6,050 6.2% 376 6,426 


Delaware Dover 6,050 3.3% 198 6,248 


District of Columbia Washington 6,050 1.6% 96 6,146 


Florida Tallahassee 6,050 -10.0% (605) 5,445 


Florida Tampa 6,050 -4.1% (250) 5,800 


Georgia Atlanta 6,050 -7.9% (480) 5,570 


Hawaii Honolulu 6,050 29.9% 1,812 7,862 


Idaho Boise 6,050 -2.7% (162) 5,888 


Illinois Chicago 6,050 17.8% 1,075 7,125 


Indiana Indianapolis 6,050 -1.2% (70) 5,980 


Iowa Davenport 6,050 0.6% 38 6,088 


Iowa Waterloo 6,050 -6.6% (399) 5,651 


Kansas Wichita 6,050 -5.0% (303) 5,747 


Kentucky Louisville 6,050 -6.0% (364) 5,686 


Louisiana New Orleans 6,050 -10.3% (622) 5,428 


Maine Portland 6,050 -3.4% (203) 5,847 


Maryland Baltimore 6,050 -2.6% (158) 5,892 


Massachusetts Boston 6,050 14.6% 885 6,935 


Michigan Detroit 6,050 3.1% 188 6,238 


Michigan Grand Rapids 6,050 -7.6% (461) 5,589 


Minnesota St. Paul 6,050 5.1% 308 6,358 


Mississippi Jackson 6,050 -7.2% (438) 5,612 


Missouri St. Louis 6,050 3.9% 233 6,283 


Missouri Kansas City 6,050 2.0% 123 6,173 


Montana Great Falls 6,050 -2.9% (178) 5,872 


Nebraska Omaha 6,050 -1.9% (114) 5,936 


New Hampshire Concord 6,050 -0.7% (42) 6,008 


New Jersey Newark 6,050 14.4% 869 6,919 


New Mexico Albuquerque 6,050 -2.5% (154) 5,896 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New York New York 6,050 32.9% 1,988 8,038 


New York Syracuse 6,050 -1.4% (86) 5,964 


Nevada Las Vegas 6,050 7.9% 476 6,526 


North Carolina Charlotte 6,050 -10.6% (640) 5,410 


North Dakota Bismarck 6,050 -5.3% (318) 5,732 


Ohio Cincinnati 6,050 -4.2% (256) 5,794 


Oregon Portland 6,050 4.3% 260 6,310 


Pennsylvania Philadelphia 6,050 10.5% 634 6,684 


Pennsylvania Wilkes-Barre 6,050 -4.6% (281) 5,769 


Rhode Island Providence 6,050 2.7% 166 6,216 


South Carolina Spartanburg 6,050 -12.1% (731) 5,319 


South Dakota Rapid City 6,050 -7.9% (477) 5,573 


Tennessee Knoxville 6,050 -9.3% (562) 5,488 


Texas Houston 6,050 -9.2% (557) 5,493 


Utah Salt Lake City 6,050 -4.0% (240) 5,810 


Vermont Burlington 6,050 -4.2% (256) 5,794 


Virginia Alexandria 6,050 -3.1% (185) 5,865 


Virginia Lynchburg 6,050 -6.5% (391) 5,659 


Washington Seattle 6,050 5.3% 322 6,372 


Washington Spokane 6,050 -1.3% (81) 5,969 


West Virginia Charleston 6,050 -2.0% (124) 5,926 


Wisconsin Green Bay 6,050 -3.1% (190) 5,860 


Wyoming Cheyenne 6,050 -4.0% (240) 5,810 


Puerto Rico Cayey 6,050 -1.9% (117) 5,933 


  







 


 24-8


TABLE 24-4 – LOCATION-BASED COSTS FOR PV (150 MW) 
(OCTOBER 1, 2010 DOLLARS) 


State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


Alaska Anchorage 4,755 19.9% 947 5,702 


Alaska Fairbanks 4,755 30.9% 1,470 6,225 


Alabama Huntsville 4,755 -8.0% (379) 4,376 


Arizona Phoenix 4,755 -6.2% (294) 4,461 


Arkansas Little Rock 4,755 -6.5% (307) 4,448 


California Los Angeles 4,755 9.6% 458 5,213 


California Redding 4,755 5.5% 263 5,018 


California Bakersfield 4,755 6.1% 291 5,046 


California Sacramento 4,755 10.5% 498 5,253 


California San Francisco 4,755 20.7% 985 5,740 


Colorado Denver 4,755 -4.4% (208) 4,547 


Connecticut Hartford 4,755 7.1% 339 5,094 


Delaware Dover 4,755 3.8% 183 4,938 


District of Columbia Washington 4,755 2.3% 111 4,866 


Florida Tallahassee 4,755 -11.0% (522) 4,233 


Florida Tampa 4,755 -4.5% (216) 4,539 


Georgia Atlanta 4,755 -8.7% (413) 4,342 


Hawaii Honolulu 4,755 37.2% 1,771 6,526 


Idaho Boise 4,755 -2.5% (119) 4,636 


Illinois Chicago 4,755 19.9% 949 5,704 


Indiana Indianapolis 4,755 -1.2% (57) 4,698 


Iowa Davenport 4,755 1.1% 51 4,806 


Iowa Waterloo 4,755 -6.9% (327) 4,428 


Kansas Wichita 4,755 -5.1% (242) 4,513 


Kentucky Louisville 4,755 -6.6% (313) 4,442 


Louisiana New Orleans 4,755 -11.3% (537) 4,218 


Maine Portland 4,755 -3.2% (152) 4,603 


Maryland Baltimore 4,755 -2.6% (124) 4,631 


Massachusetts Boston 4,755 16.4% 778 5,533 


Michigan Detroit 4,755 3.4% 163 4,918 


Michigan Grand Rapids 4,755 -8.4% (398) 4,357 


Minnesota St. Paul 4,755 6.0% 286 5,041 


Mississippi Jackson 4,755 -7.9% (377) 4,378 


Missouri St. Louis 4,755 4.4% 208 4,963 


Missouri Kansas City 4,755 2.3% 109 4,864 


Montana Great Falls 4,755 -2.7% (130) 4,625 


Nebraska Omaha 4,755 -1.7% (79) 4,676 


New Hampshire Concord 4,755 -0.3% (15) 4,740 


New Jersey Newark 4,755 15.8% 751 5,506 


New Mexico Albuquerque 4,755 -2.3% (111) 4,644 
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State City 


Base 
Project 


Cost 
($/kW) 


Location 
Percent 


Variation


Delta Cost 
Difference 


($/kW) 


Total Location 
Project Cost 


($/kW) 


New York New York 4,755 36.6% 1,739 6,494 


New York Syracuse 4,755 -1.4% (68) 4,687 


Nevada Las Vegas 4,755 9.1% 432 5,187 


North Carolina Charlotte 4,755 -11.6% (549) 4,206 


North Dakota Bismarck 4,755 -5.3% (254) 4,501 


Ohio Cincinnati 4,755 -4.6% (220) 4,535 


Oregon Portland 4,755 5.2% 249 5,004 


Pennsylvania Philadelphia 4,755 11.6% 550 5,305 


Pennsylvania Wilkes-Barre 4,755 -5.0% (240) 4,515 


Rhode Island Providence 4,755 3.1% 146 4,901 


South Carolina Spartanburg 4,755 -13.2% (628) 4,127 


South Dakota Rapid City 4,755 -8.2% (392) 4,363 


Tennessee Knoxville 4,755 -10.2% (483) 4,272 


Texas Houston 4,755 -10.1% (481) 4,274 


Utah Salt Lake City 4,755 -3.8% (183) 4,572 


Vermont Burlington 4,755 -4.2% (201) 4,554 


Virginia Alexandria 4,755 -3.3% (159) 4,596 


Virginia Lynchburg 4,755 -7.1% (336) 4,419 


Washington Seattle 4,755 6.0% 284 5,039 


Washington Spokane 4,755 -1.0% (49) 4,706 


West Virginia Charleston 4,755 -2.2% (103) 4,652 


Wisconsin Green Bay 4,755 -3.4% (161) 4,594 


Wyoming Cheyenne 4,755 -3.8% (180) 4,575 


Puerto Rico Cayey 4,755 -1.4% (68) 4,687 


24.5 O&M ESTIMATE 
The significant O&M items for a PV Facility include periodic inverter maintenance and periodic 
panel water washing.  Additionally, most PV solar operators do not treat O&M on a variable 
basis, and consequently, all O&M expenses are shown below on a fixed basis.  Table 24-5 and 
Table 24-6 present the O&M expenses for the PV Facility. 


TABLE 24-5 – O&M EXPENSES FOR PV FACILITY (7 MW) 


Technology: PV 
Fixed O&M Expense $26.40/kW-year 


Variable O&M Expense $0/MWh 


TABLE 24-6 – O&M EXPENSES FOR PV FACILITY (150 MW) 


Technology: PV 
Fixed O&M Expense $16.70/kW-year 


Variable O&M Expense $0/MWh 
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24.6 ENVIRONMENTAL COMPLIANCE INFORMATION 
Table 24-7 presents environmental emissions for the PV Facility. 


TABLE 24-7 – ENVIRONMENTAL EMISSIONS FOR PV 


Technology: Photovoltaic 
NOX 0 lb/MMBtu 
SO2 0 lb/MMBtu 
CO2 0 lb/MMBtu 
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Pollutant Information
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FINAL


RBLC ID:NJ0015
Corporate/Company:KEYSTONE COGENERATION SYSTEMS, INC.


Facility Name:KEYSTONE COGENERATION SYSTEMS, INC.
Process:BOILER (PULVERIZED BITUMINOUS COAL)


Pollutant: Nitrogen Oxides (NOx) CAS Number: 10102


 
Pollutant Group(s): InOrganic Compounds, Oxides


of Nitrogen (NOx),
Particulate Matter (PM),


Substance Registry System:Nitrogen Oxides (NOx)


 
Pollution Prevention/Addon Control Equipment/Both/No Controls Feasible: A


P2/Addon Description: SNCR OR SCR (SEE FACILITY NOTES)


Test Method: Unspecified  


   
Percent Efficiency: 37.000
Compliance Verified:
EMISSION LIMITS:
  CasebyCase Basis: Other CasebyCase
  Other Applicable Requirements:
  Other Factors Influence Decision:
  Emission Limit 1: 0.1700 LB/MMBTU
  Emission Limit 2: 359.7000 LB/H
  Standard Emission Limit: 100.0000 PPM @ 7% O2
COST DATA:
  Cost Verified? No
  Dollar Year Used in Cost Estimates:
  Cost Effectiveness: 0 $/ton
  Incremental Cost Effectiveness: 0 $/ton


  Pollutant Notes: COST EFFECTIVENESS: SCR: $13,196/TON SNCR: $3,980/TON
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BEFORE THE ADMINISTRATOR 
UNITED STATES ENVIRONMENTAL PROTECTION AGENCY 


IN THE MATTER OF: 
) 
) 
) 


LOUISVILLE GAS AND ELECTRIC COMPANY ) 


TRIMBLE COUNTY, KENTUCKY 
TITLE V/PSD AIR QUALITY PERMIT 
# V-02-043 
REVISIONS 2 AND 3 


ISSUED BY THE KENTUCKY 
DIVISION FOR AIR QUALITY 


) 
) 
) 
) 
) 
) 
) 
) 
) 
) 


PETITION No. IV -2008-3 


ORDER RESPONDING TO ISSUES RAISED IN APRIL 28, 2008 AND MARCH 2, 2006 
PETITIONS, AND DENYING IN PART AND GRANTING IN PART REQUESTS FOR 


OBJECTION TO PERMIT 


On April 28, 2008, and March 2, 2006, the United States Environmental Protection 
Agency (EPA) received petitions from Save the Valley, Sierra Club, and Valley Watch 
(Petitioners) pursuant to Section 505(b)(2) of the Clean Air Act ("CAA" or "Act"), 42 United 
States Code (U.S.C.) § 7661d(b)(2) (the March 2,2006, petition is referred to as "Petition 1" and 
the April 28,2008, petition is referred to as "Petition 2"). Both Petitions request that EPA object 
to the merged CAA construction/operating permit issued by the Kentucky Division for Air 
Quality ("KDAQ" or "Division") on January 4, 2006 (Revision 2), and February 29, 2008 
(Revision 3), respectively, to LouisvilJe Gas and Electric Company (LG&E). The permits are for 
construction of a new 750 megawatt pulverized coal-fired boiler (and other associated 
modifications) at the Trimble County Generating Station located in Bedford (Trimble County), 
Kentucky . Permit #V -02-043 is a merged CAA prevention of significant deterioration (PSD) 
construction permit and a CAA title V operating permit issued pursuant to Kentucky's 
Administrative Regulations (KAR) at 401 KAR 52:020 (title V regulations) and 51 :017 (PSD 
regulations ). 


On September 10, 2008, EPA issued a "Partial Order Responding to March 2, 2006, 
Petition and Denying in Part and Granting in Part Request for Objection to Permit Revision 2." 
In the September 2008 Order, EPA explained that some issues raised in Petition 1 were affected 
by Permit Revision 3 and also discussed in Petition 2. At this time, EPA is addressing all the 
remaining issues identified by Petitioners in Petitions 1 and 2. 


This Order contains EPA's response to Petitioners' request that EPA object to the permit 
on the basis that: (1) public participation procedures were not adequate; (2) the permit fails to 
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include requirements for addressing greenhouse gases; (3) BACT for nitrogen oxides (NOx) and 
sulfur dioxide (S02) is not adequate; (4) BACT for the auxiliary boiler and emergency diesel 
generator are not adequate; (5) BACT for support operations is not adequate; (6) BACT for 
particulate matter (PM) and particulate matter with a diameter less than ten micrometers (PM I 0) 


are not adequate; (7) BACT for sulfuric acid mist (SAM) is not adequate; (8) the permit fails to 
consider particulate matter with a diameter less than 2.5 micrometers (PM2s); (9) the permit fails 
to express limits in an adequate manner; (10) BACT analyses did not include clean fuels; (11) 
the peITIlit lacks a maximum achievable control technology (MACT) determination for mercury 
and other hazardous air pollutants (HAP); (12) the SAM limits are not enforceable (compliance 
assurance monitoring concerns); and (13) the permit improperly relies on manufacturer 
specifications that are not included in the permit, does not identify test methods, and additional 
concerns regarding netting. 


Based on a review of Petitions 1 and 2 and other relevant materials, including the LG&E 
permit and permit record, and relevant statutory and regulatory authorities, I grant in part and 
deny in part the Petitions requesting that EPA object to the LG&E permit. I grant on issues 4 
and 8 above. 


I. ST A TUTORY AND REGULATORY FRAMEWORK 


Section 502(d)(1) of the Act, 42 U.S.C. § 7661a(d)(l), calls upon each state to develop 
and submit to EPA an operating permit program to meet the requirements of title V of the CAA. 
The Commonwealth of Kentucky I originally submitted its title V program governing the 
issuance of operating permits in 1993, and EPA granted full approval on October 31,2001. 66 
Fed. Reg. 54,953. The program is now incorporated into Kentucky's Administrative Regulations 
at 401 KAR 52:020. All major stationary soW"ces of air pollution and certain other sources are 
required to apply for title V operating permits that include emission limitations and other 
conditions as necessary to assure compliance with applicable requirements of the CAA, 
including the requirements of the applicable State Implementation Plan (SIP). CAA §§ 502(a) 
and 504(a), 42 U.S.C. §§ 7661a(a) and 7661c(a). 


The title V operating permit program does not generally impose new substantive air 
quality control requirements (which are referred to as "applicable requirements"), but does 
require permits to contain monitoring, recordkeeping, reporting, and other conditions to assure 
sources comply with existing applicable requirements. 57 Fed. Reg. 32,250, 32,251 (July 21, 
1992) (EPA final action promulgating Part 70 rules). One purpose of the title V program is to 
enable the source, EPA, states, and the public to better understand the applicable requirements to 
which the soW"ce is subject and whether the source is complying with those requirements. Thus, 
the title V operating permit program is a vehicle for ensuring that existing air quality control 
requirements are appropriately applied to facility emission units and that compliance with these 
requirements is assured. 


I The Commonwealth of Kentucky Environmental and Public Protection Cabinet (Kentucky 
Cabinet), which submitted the title V program, oversees the Kentucky Division for Air Quality 
(KDAQ) which is the permitting authority for title V and PSD permits in Kentucky. 
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For a major modification of a major stationary source,2 applicable requirements include 
the requirement to obtain a preconstruction permit that complies with applicable new source 
review requirements (e.g., PSD). Part C ofthe CAA establishes the PSD program, the 
preconstruction review program that applies to areas of the country, such as Trimble County, that 
are designated as attainment or unclassifiable for National Ambient Air Quality Standards 
(NAAQS). CAA §§ 160-169,42 U.S.c. §§ 7470-7479. New Source Review, or "NSR," is the 
term used to describe both the PSD program as well as the nonattainment NSR program 
(applicable to areas that are designated as nonattainment with the NAAQS). In attainment areas 
(such as Trimble County), a major stationary source may not begin construction or undertake 
certain modifications without first obtaining a PSD permit. CAA § 165(a)(l), 42 U.S.c. 
§ 7475(a)(1). The PSD program analysis must address two primary and fundamental elements 
before the permitting authority may issue a permit: (1) an evaluation of the impact of the 
proposed new or modified major stationary source on ambient air quality in the area, and (2) an 
analysis ensuring that the proposed facility is subject to BACT for each pollutant subject to 
regulation under the PSD program. CAA § 165(a)(3),(4), 42 U.S.C. § 7475(a)(3), (4); see also 
401 KAR 51 :017 (Kentucky's PSD program). The BACT analysis is further discussed in 
Section III.B. of this Order, below. 


EP A has promulgated two largely identical sets of regulations to implement the PSD 
program. One set, found at 40 Code of Federal Regulations (CFR) § 52.21, contains EPA's own 
federal PSD program, which applies in areas without a SIP-approved PSD program. The other 
set of regulations, found at 40 CFR § 51.166, contains requirements that state PSD programs 
must meet to be approved as part ofa SIP. In 1989, EPA approved Kentucky's PSD rules into 
the SIP as meeting these requirements. 54 Fed. Reg. 36,307 (September 1, 1989); see also 40 
CFR § 52.931? Thus, the applicable requirements of the Act for major modifications at major 
sources, such as at LG&E, include the requirement to comply with PSD requirements under the 
Kentucky SIP. See, e.g., 40 CFR § 70.2.4 In this case, the Commonwealth's rules require a 


2 The proposed addition of a new 750 megawatt coal-fired boiler at LG&E is considered a 
"major modification," consistent with the definition of "major modification," in 401 KAR 
51 :001 § 1 (116). The existing LG&E facility is a major stationary source, as that term is defined 
in401 KAR51:001 § 1(120). 
3 On February 10,2006, EPA proposed to approve changes made to Kentucky's New Source 
Review (NSR) program consistent with EPA's 2002 NSR Reform Rules. 71 Fed. Reg. 6,988 
(February 10, 2006). On July 11,2006, EPA took final action approving Kentucky's NSR 
program incorporating changes made pursuant to EPA's 2002 NSR Reform Rules. 71 Fed. Reg. 
38,990 (July 11,2006). Kentucky's revisions to its NSR program consistent with NSR reform, 
became effective under Kentucky law on July 14,2004, and were submitted to EPA as a SIP 
revision for approval in September 2004. For further information about rules incorporated into 
the Kentucky SIP, see http://www.epa.gov/region4/air/sips/kylkytoc.htm. 
4 Kentucky defines "federally applicable requirement" in relevant part to include a "federally 
enforceable requirement or standard that applies to a source." 401 KAR 52:001 § 1(15). 
Kentucky further defines "federally enforceable requirement," as "[ s ]tandards or requirements in 
the state implementation plan (SIP) that implement the relevant requirements of the Act, 
including revisions to that plan promulgated at 40 CFR Part 52." 401 KAR 52:001 § 1(34). 
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SOlITCe to apply for a PSD permit which is then incorporated into the existing title V pelmit as a 
revision to the title V permit. 401 KAR 52:020. 


Under section 505(a), 42 U.S.C. § 7661d(a), of the CAA and the relevant implementing 
regulations (40 CFR § 70.8(a)), states are required to submit each proposed title V permit, and 
certain revisions to such permits, to EPA for review. Upon receipt of a proposed permit, EPA 
has 45 days to object to final issuance of the permit if it is determined not to be in compliance 
with applicable requirements or the requirements oftitle V. 40 CFR § 70.8(c). If EPA does not 
object to a permit on its own initiative, section 505(b )(2) of the CAA provides that any person 
may petition the Administrator, within 60 days of the expiration of EPA's 45-day review period, 
to object to the permit. 42 US.C. § 7661d(b)(2), see also 40 CFR § 70.8(d). In response to such 
a petition, the CAA requires the Administrator to issue an objection if a petitioner demonstrates 
that a permit is not in compliance with the requirements of the CAA. 42 US.C. § 7661 deb )(2); 
see also 40 CFR § 70.8(c)(1), New York Public interest Research Group (NYPIRG) v. Whitman, 
321 F.3d 316, 333 n.11 (2nd Cir. 2003). Under section 505(b)(2), the burden is on the petitioner 
to make the required demonstration to EPA. Sierra Club v. Johnson, 541 F.3d. 1257, 1266-1267 
(11 th Cir. 2008); Citizens Against Ruining the Environment v. EPA, 535 F.3d 670, 677-678 (7tll 


Cir. 2008); Sierra Club v. EPA, 557 F.3d 401, 406 (6 th Cir. 2009) (discussing the bmden of proof 
in title V petitions); see also NYPIRG, 321 F.3d at 333 n.11. If, in responding to a petition, EPA 
objects to a permit that has already been issued, EPA or the permitting authority will modify, 
terminate, or revoke and reissue the permit consistent with the procedures set forth in 40 CFR 
§§ 70.7(g)(4) and (5)(i) - (ii), and 40 CFR § 70.8(d). 


Where a petitioner's request that the Administrator object to the issuance of a title V 
permit is based in whole, or in part, on a permitting authOlity's alleged failure to comply with the 
requirements of its approved PSD program (as with other allegations of inconsistency with the 
Act) the burden is on the petitioners to demonstrate that the permitting decision was not in 
compliance with the requirements ofthe Act, including the requirements of the SIP. 5 Such 
requirements, as EPA has explained in describing its authority to oversee the implementation of 
the PSD program in states with approved programs, include the requirements that the permitting 
authority (1) follow the required procedures in the SIP; (2) make PSD determinations on 
reasonable grounds properly supported on the record; and (3) describe the determinations in 
enforceable terms. See, e.g., 68 Fed. Reg. 9,892, 9,894-9,895 (March 3, 2003); 63 Fed. Reg. 
13,795,13,796-13,797 (March 23, 1998). EPA has approved the PSD programs into the SIPs of 
most states, including the Commonwealth of Kentucky, and as the permitting authority, 
Kentucky has substantial discretion in issuing PSD permits. Given this, in reviewing a PSD 
permitting decision, EPA will not substitute its own judgment for that of Kentucky. Rather, 
consistent with the decision in Alaska Dep 't of Envt 'I Conservation v. EPA, 540 US. 461 (2004), 
in reviewing a petition to object to a title V permit raising concerns regarding a state's PSD 


5 The appeal of federal PSD permits issued pmsuant to the federal regulations at 40 CFR § 52.21 
is governed by the regulations at 40 CFR § 124.19, and authority to review such permits rests 
exclusively with the Environmental Appeals Board (EAB). Because of the exclusive authority 
of the EAB in this area, the Administrator has declined to review the merits of a federal PSD 
permit in the context of a petition to review a title V permit. See, e.g., In re Kawaihae 
Cogeneration Project, Petition No. 0001-01-C (Order on Petition) (March 10,1997). 
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permitting decision, EPA generally will look to see whether the Petitioner has shown that the 
state did not comply with its SIP-approved regulations governing PSD permitting or whether the 
state's exercise of discretion under such regulations was unreasonable or arbitrary.6 See, e.g., In 
re East Kentucky Power Cooperative, Inc. (Hugh L. Spurlock Generating Station) Petition No. 
IV -2006-4 (Order on Petition) (August 30, 2007); In re Pacific Coast Building Products, Inc. 
(Order on Petition) (December 10, 1999); In re Roosevelt Regional Landfill Regional Disposal 
Company (Order on Petition) (May 4, 1999).7 


II. BACKGROUND 


Existing Facility 


The LG&E facility in Trimble County, Kentucky, began construction on its existing 500 
megawatt (MW) pulverized coal-fired boiler in the late 1970s (Unit 1). The facility has 
undergone a series of modifications since then, adding not only the support facilities for the 
original 500 MW boiler, but also, six 160 MW simple cycle natural gas combustion turbines 
(Units 25-30) in approximately 2001. The existing facility also includes support structures such 
as a natural draft cooling tower; coalllimestone/ashigypsum material handling equipment; three 
auxiliary boilers; an emergency diesel generator; and fuel oil storage tanks. Unit 1 and Units 25-
30 previously went through PSD permitting prior to construction. A draft title V permit for the 
facility was first issued in December 1997, followed by several permit changes eventually 
resulting in Revision 2. Kentucky issued the title V permit Revision 2 on January 4,2006, and 
Revision 3 on February.29, 2008. See LG&E Permit Revision 3 Statement of Basis (SOB 
Revision 3) (July 26,2007). Both revisions are at issue in the-instant Petitions.8 


6 In determining the appropriate standard of review to apply to the review of federal PSD permit 
determinations in a petition to object to a title V permit, the standard of review applied by the 
EAB in reviewing the appeals of federal PSD permits provides a useful analogy. The standard of 
review applied by the EAB in its review of federal PSD permits is discussed in numerous EAB 
orders as the "clearly erroneous" standard. See, e.g., In re Prairie State Generation Company, 
13 E.A.D. _, PSD Appeal No. 05-05, slip op., 2006 EPA App. LEXIS 38 (EAB, August 24, 
2006); In re Kawaihae Cogeneration, 7 E.A.D. 107, 114 (EAB, April 28, 1997). In short, in 
such appeals, the EAB explained that the burden is on a petitioner to demonstrate that review is 
warranted. Ordinarily, a PSD permit will not be reviewed by the EAB unless the decision of the 
permitting authority was based on either a clearly erroneous finding of fact or conclusion of law, 
or involves an important matter of policy or exercise of discretion that warrants review. 
7 Section II of Petition 2, "Petition Standard of Review," describes the Petitioners' view of the 
applicable standard of review. This section of the Petition raises no requests for objection. 
EPA's articulation of its view on the standard of review in title V petitions is not intended to 
either agree or disagree with Petitioners' views. 
8 In evaluating the remaining issues in both Petitions, EPA considered the terms of the current 
permit for the facility (Revision 3). Permit citations are provided for Revision 3 unless the 
particular citation at issue was different in Revision 2 than Revision 3. For purposes of clarity in 
this Order, the permits are referred to by revision. 
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Permit History 


In December 2004, LG&E submitted a PSD permit application to KDAQ to include into 
its title Y permit, a PSD construction permit to undertake a major modification to construct a 
new 750 MW net nominal generating unit that would utilize supercritical puiverized coal (Unit 
31 ).9 Ancillary equipment for this new unit includes a new linear mechanical draft cooling 
tower, a coal blending facility, dust collectors and dust suppression equipment on material 
handling operations, an ash barge loading system/fly ash silos, an auxiliary steam boiler, a 
backup diesel generator, and an emergency diesel fire water pump engine. The construction of 
new Unit 31 is also expected to increase utilization of the existing natural draft cooling tower on 
Unit 1, various material handling equipment, the three auxiliary boilers, emergency diesel 
generator, and fuel oil storage tanks. 


In late 2004, and separate from the PSD application, LG&E submitted a minor permit 
revision application to KDAQ for a voluntary creditable decrease in emissions for nitrogen 
oxides (NOx) and sulfur dioxide (S02) for Unit 1. The creditable decreases were requested to net 
against the anticipated future increases in emissions from the new Unit 31 for PSD purposes. In 
January 2005, KDAQ approved the minor permit revision to reduce the NOx and S02 emission 
limits for Unit 1 (Revision 1, minor modification). 


The final draft Revision 2 combined PSD/title Y permit for construction of new Unit 31 
was opened for public notice and comment in July 2005 . Minor changes were made to the 
permit following public comment and the final Revision 2 Permit was issued on January 4, 2006. 
The Petitioners administratively appealed the issuance of the Revision 2 Permit by KDAQ, 
which resulted in a Final Order by the Secretary of the Kentucky Environmental Protection and 
Public Health Cabinet on September 28,2007, granting certain claims and denying others. On 
October 26,2007, KDAQ issued a revision entitled, "Revision 2 Administrative Amendment," 
which involved revisions to the permit in response to the Secretary's Final Order. In January 
2008, KDAQ further revised the permit (Revision 3). 


In issuing Revision 2, KDAQ concluded that the proposed major modifications would 
result in a significant net increase in emissions of particulate matter (PM) and particulate matter 
with a diameter of less than ten micrometers (PMIO), carbon monoxide (CO), volatile organic 
compounds (YOC), fluorides, and sulfuric acid mist (SAM). Due to the voluntary creditable 
decreases in emissions of NO x and S02 at Unit 1, which were approved in Revision 1, KDAQ 
concluded that the new Unit 31 was not subject to major PSD review for NOx and S02. As 
presented for Revision 2, the design of Unit 31 involved a suite of control technology including: 
selective catalytic reduction (SCR); pulse jet fabric filters (PJFF) and hydrated lime injection; 
wet flue gas desulfurization (WFGD); wet electrostatic precipitator (WESP). These control 
technologies, in addition to the construction of the new linear mechanical draft cooling tower and 
other operational limits, were determined by KDAQ as sufficient for the facility to meet BACT 
requirements that resulted from KDAQ's PSD review of the proposed major modification. 
KDAQ SOB Revision 2. 


9 In some permitting information, Unit 31 is also referred to as Unit 2. In this Order, we 
reference Unit 31 or "the new unit." 
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On February 13,2007, LG&E submitted an application for a significant revision to 
amend the permit to account for permitting redesigns. KDAQ SOB Revision 3 at 1. As part of 
this revision, the permit was modified to include additional control technology for Unit 31 - a 
dry electrostatic precipitator (DESP) and powdered activated carbon (PAC) injection and 
hydrated lime injection. The DESP is intended to ensure that the saleable fly ash is captured 
prior to potential contamination due to PAC injection which is for mercury control. KDAQ SOB 
Revision 3 at 2. In addition to these changes, Revision 3 also included permitting changes for 
the following other changes to operations and/or design at the facility: (1) Unit 32 (auxiliary 
boiler) changes including increased hours of operation and use of ultra low sulfur fuel; (2) Unit 
33 (emergency generator) changes including use of ultra low sulfur fuel and changes to hours of 
operation; (3) the elimination of three existing auxiliary boilers (Units 7-9) and the emergency 
diesel firewater pump; (4) the addition of material handling silos (waste ash, hydrated lime and 
PAC); (5) movement of proposed conveyer transfer points; (6) new conveyer transfer points; (7) 
an increase in length of haul road; and (8) ash transfer design changes. KDAQ SOB Revision 3 
at 2-3 . As a result of these changes, KDAQ also reviewed the previous PSD analysis done for 
the facility and made some changes to emission calculations for the netting associated with Unit 
31 (for NOx and S02) as well as revised calculations for the PM emissions from the linear 
mechanical draft cooling tower (Unit 41). Despite the changes, KDAQ concluded that the 
facility was still able to use netting to avoid PSD review for NOx and S02 associated with the 
addition of Unit 31. KDAQ SOB Revision 3 at 3. 


At this time, LG&E is engaged in construction of Unit 31 and the associated design 
changes necessary at the facility to support the new unit. In addition, in mid-January 2009, 
KDAQ proposed changes to Revision 3 to the permit to respond to EPA's September 10,2008, 
Order which granted two petition issues. KDAQ did not receive comments from Petitioners on 
this revision . On April 21, 2009, KDAQ issued a proposed permit (Revision 4 - although it is not 
identified by KDAQ in that manner). On June 5, 2009, EPA Region 4 objected to the permit on 
two grounds. First, that KDAQ "must undertake a Section 112(g) analysis for all hazardous air 
pollutants with respect to Unit 31 in order to comply with all applicable Clean Air Act 
requirements." Second, that the startup/shutdown limits added to the permit must be rewritten to 
more accurately reflect what is presented in the Statement of Basis. EPA did not object to the 
substance ofKDAQ's revised analysis for startup and shutdown (which was required as part of 
the September 10, 2008, Order). Consistent with the CAA and applicable regulations, KDAQ 
has ninety days in which to revise the permit pursuant to the June 5, 2009, objection letter. 


III. EPA DETERMINATIONS ON PETITIONS 1 AND 2 


A. Petitioners' Claims Regarding Public Participation 


Petitioners allege that EPA must object to the permit because KDAQ did not comply with 
applicable public participation requirements during the Revision 2 process in three primary 
ways. Petitioners allege that KDAQ (1) did not make the entire permit application or all 
supporting materials available to the Petitioners; (2) was unresponsive to Petitioners' requests for 
information during the public comment period - thus impacting public participation; and (3) 
failed to meaningfully extend the public comment period to correct its delays in providing 
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information to Petitioners. Petition 1 at 6-7. Subsequent to Petition 1, a second public comment 
period was held for Revision 3 to the permit. Petitioners raised no new public participation 
concerns following the Revision 3 public comment process. For the reasons discussed below, 
the Petitions lO are denied with regard to all public participation issues raised although EPA 
emphasizes the fundamental importance of public participation and strongly urges KDAQ to 
revise its procedures. 


1. Failure to make entire permit file available and respond to requests for 
illformation during public comment period 


Petitioners' allegations regarding KDAQ's failure to make the entire permit file available 
in a timely manner to the public during the public comment period invo[ve three distinct 
assertions. First, the file viewed by Petitioners during the public comment period did not include 
a CD-ROM dated November 7, 2005, describing CO air quality monitoring data. Second, the 
minor permit modification applications (Revision 1), which involved the voluntary creditable 
decreases of NO x and S02 emissions from Unit 1, were not included in the Revision 2 file. In 
addition, the file viewed by Petitioners during the public comment period did not indude a 
startup/shutdown plan or operation and maintenance specifications. Third, the files were 
allegedly disorganized and Petitioners were not able to obtain in a timely manner copies of the 
relevant files for review. 


a. CO air quality monitoring data 


Petitioners' Claims. During the public comment period in July 2005, Petitioners sought 
to view the entirety of the permit file. Petition 1 at 7. In February 2006, as part of discovery 
during the administrative appeal of Permit Revision 2, KDAQ produced a CD-ROM with CO air 
quality monitoring data which was dated November 7, 2005. Petitioners claim that the permit 
record was flawed because it did not contain this CD-ROM. ld. 


EPA's Response. During the permitting process for a facility like the LG&E facility, 
KDAQ typicaUy receives a number of submittals from the permittee regarding, among other 
matters, air quality monitoring data. Petitioners presented no information explaining what the 
November 7, 2005, CD-ROM contained, whether it was related to Permit Revision 2, or even 
when it was submitted to KDAQ (i.e., whether it was a part of the permit application or 
submitted later). Further, Petitioners presented no information indicating that KDAQ relied on 
that CD-ROM to establish the CO limits or to perform any required analyses. The mere 
existence of a data set dated after draft permit issuance and the public comment period, with no 
information supporting its relevance to the decision, is not sufficient to demonstrate that KDAQ 
failed to comply with a requirement under the Act in issuing the permit. Additionally, 
Petitioners present no information suggesting that either KDAQ relied on this information in 
making a permit decision or that review of this information was necessary to meaningfully 


10 These public participation issues were raised in Petition 1, but reiterated in Petition 2. In this 
section, EPA is addressing all the public participation issues raised (the substance of which is 
discussed primarily in Petition 1). EPA uses the term "Petitions" because the issues were also 
referenced in Petition 2. 
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review the proposed project or permit. See, e.g., In the matter of Pencor-Masada Oxynol, LLC, 
Petition No. II-2000-07 (Order on Petition) (May 2, 2001) at 5 (denying an issue regarding 
public availability of certain documents). 


In addition, we note that Petitioners have had a second opportunity through the Revision 
3 changes, to provide KDAQ with any comments concerning the CO data contained in the CD
ROM to the extent that they believe it is pertinent to the permitting decision. Although 
Petitioners provided comments regarding CO to KDAQ during the Revision 3 public comment 
period, there is no mention of or reference to the data on the CD-ROM. Petitioners' Exhibit 1 at 
16-17. For these reasons, Petitioners failed to demonstrate that the permit is not in compliance 
with the Act. As a result, the Petitions are denied as to this issue. 


b. Permit file missing information such as minor revision 
applications, startup/shutdown plan, and operation and 
maintenance information 


Petitioners' Claims. Petitioners sought to view the permit file (for Revision 2) at KDAQ 
offices in Frankfort, Kentucky and were provided with a box of documents. Petitioners allege 
that applications submitted by LG&E seeking the minor permit revision (Revision 1) involving 
the voluntary creditable decreases of NO x and S02 emissions at Unit 1 were not included in the 
permit file for Revision 2. Petitioners further allege that the box did not include the 
startup/shutdown plan or operation and maintenance materials. Petition 1 at 8-9 .. 


EPA's Response. KDAQ's public participation procedures for PSD and title V permits 
are found at 401 KAR 52:100. Consistent with Kentucky's PSD rules at 401 KAR 51 :017 § 15, 
the federal public participation rules found at 40 CFR § SI.166( q) also apply. Federal title V 
rules found at 40 CFR § 70.7(h) also describe public participation procedures although 
Kentucky's rules are more detailed in their requirements than Section 70.7(h). In pertinent part, 
401 KAR 52: 100 § 8(1 )(a-c), "Public Inspection of Documents," provides that Kentucky shall 
make available the permit application, the draft permit, and supporting materials. The federal 
rules further explain that the permitting authority shall "[m]ake available in at least one location 
in each region in which the proposed source would be constructed a copy of all materials the 
applicant submitted, a copy of the preliminary determination, and a copy or summary of other 
materials, if any, considered in making the preliminary determination." 40 CFR § 51.166(q). 


Inclusion of a particular document in the permitting file depends in large part on whether 
the information at issue was relied uponby KDAQ in the permitting decision, and not available 
in any other documents provided to the public. The SOB for Revision 2 provides an explanation 
of the voluntary creditable decreases as well as information associated with that permit 
modification that was relevant to Revision 2." KDAQ SOB Revision 2 at 3-7. In the Response 
to Comments (RTC) for Revision 2, KDAQ explained that "[a]ppropriate supporting materials 


" The application for Revision 2 includes the netting calculations and provides significantly 
more information regarding the netting analysis for Unit 31 than did the minor modification 
application which did not include the netting analysis at Unit 31, but rather, just the decreases in 
emissions from Unit 1. 
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on reductions were provided to the public through the air permit application document, the 
Statement of Basis netting discussion, and minor permit revision applications supporting the 
creditable emission decreases ... " KDAQ RTC Revision 2 at 13. Thus, according to KDAQ, the 
permitting record for Revision 2 included the information from the minor modification that 
KDAQ relied upon in evaluating Revision 2. Further, the netting issues were open for additional 
public comment as part of Revision 3 to the pelmit, and Petitioners did not raise any concerns 
regarding insufficient information at that time. For the reasons discussed above, Petitioners have 
not demonstrated that any information from the minor permit modification applications that was 
relied upon by KDAQ was not provided in the permitting record. Therefore, the Petitions are 
denied as to this issue. 


With regard to the startup/shutdown plan, we note that in the September 10, 2008 EPA 
Order, we granted the objection in Petition 1 that the permit did not adequately address startup 
and shutdown emissions as part of the BACT analysis. Thus, the permit record now contains 
additional information regarding periods of startup and shutdown, and a new public comment 
period was held specifically on this issue. Petitioners did not submit comments to KDAQ on the 
most recent permit revisions regarding startup and shutdown. Thus, this issue appears resolved 
and is now moot. 


With regard to the operation and maintenance information, Petitioners make a general 
assertion that "the operating and maintemmce procedures and manufacturer's recommendations 
for the proposed unit's equipment" were "absent from the file." Petition 1 at 9. LG&E did 
include some specific operation and maintenance information for certain components as part of 
the 2004 Application (in Appendix E). Prevention of Significant Deterioration Construction 
Permit Application and Title V Operating Permit Application Trimble County Unit 2, Louisville 
Gas & Electric (December 1, 2004) (hereafter referred to as "2004 Application"). Petitioners do 
not explain what particular information was missing from the me. Further, as a general matter, 
at the time of issuance of a PSD permit, construction has not yet occurred. In general, companies 
may not have contracted for construction at the time the permit application is pending because 
many companies are reluctant to enter into binding contracts without a final preconstruction 
permit. Although the application and the permit specify the design of the affected units, there are 
often many manufacturers of the control technologies and other components such that inclusion 
of all operation and maintenance information in the permit record may not be practical. 
Petitioners do not demonstrate that the permit record lacked any required operation and 
maintenance information, and thus the Petition is denied on this issue. 


For the above reasons, Petitioners fail to demonstrate that the permit is inconsistent with 
the Act. As a result, Petitions are denied as to the issues identified above. 


c. KDAQ'sji/es were disorganized, inhibiting ansite review; copies 
were not time~v provided to Petitioners 


Petitioners' Claims. Petitioners state that the file they received from KDAQ was 
"jumbled" and "disorganized;" that they had trouble identifying where the file could be viewed 
(which KDAQ office), which delayed viewing; that the onsite copier was broken; and when 
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Petitioners ' requested copies of the permit file, the copies were provided during the third week of 
August 2005, two weeks after the close of the comment period. Petition I at 8. 


EPA's Response. As a procedural threshold matter, Petitioners failed to raise any of these 
issues during the public comment period. Petitioners' Exhibit A to Petition 1 (Comments 
(Revised) on the Louisville Gas and Electric Company Proposed Coal-Fired PoweLPlant 
(August 9,2005) at 3) . The comment letter raises three public participation issues -that it was 
not clear when the public comment period began, that KDAQ failed to extend the public 
comment period, and that some information regarding S02 and NOx was missing from the file at 
KDAQ's offices. Pursuant to Section 505(b)(2) of the CAA, 42 U.S.C. § 7661d(b)(2), a 
"petition shall be based only on objections to the permit that were raised with reasonable 
specificity during the public comment period provided by the permitting agency." Thus, not 
only must issues be raised during the public comment period, but they must be raised sufficiently 
to meet the threshold requirements. The Act does provide for an exception to this threshold 
requirement if the petitioner "demonstrates in the peti tion to the Administrator that it was 
impracticable to raise such objections ... or the grounds for such objection arose after such 
period." Jd. Neither Petition raises these exceptions. 12 As claims regarding the files being 
disorganized, and unavailability of copies were not raised during the public comment period, 
consistent with Section 505(b)(2) of the CAA, such issues may not now be raised in a title V 
petition. Therefore, these issues are denied for procedural reasons. Nonetheless, in order to 
promote transparency in government decision-making, below is brief discussion on the issues 
raised by Petitioners. 


Public participation requirements found at 40 CFR § 51.166( q) address only the 
minimum requirements for what must be included in the permit file. Additional requirements are 
found in Kentucky'S SIP-approved rule (401 KAR 52: 1 00) and specify that certain documents be 
available for public review. See, e.g., 401 KAR 52:100 § 8(l)(a)(specifying that the permit 
application, draft permit, and supporting materials be made available to the public); see also 40 
CFR § 70.7(h)(2) (describing the types of information that must be made available to the public 
for title V permit review). The permit record indicates that the permit file was available for 
public review at the required locations. KDAQ SOB Revision 2 12-13. According to the SOB, 
the documents were also available via the KDAQ Web site which provides instant access for 
many permitting documents. Jd. 


In addition, Petitioners have not demonstrated that their public participation c1aims 
regarding file organization and copies prevented a meaningful assessment of the issues, or a flaw 
in the permit. See, e.g., Valero Refining Company, at 44; In the matter of Pencor-Masada 
Oxynol, LLC, Petition No. II-2000-07 (Order on Petition) (May 2, 2001) at 5-8 (describing 


12 With regard to Petitioners' claim that certain requested documents were not received until 
after the close of the comment period, we note that they did not raise this concern to Kentucky in 
the comments they submitted on the Permit, nor did they raise this concern in the requests for an 
extension of the comment period that they filed with the Kentucky. Petitioners did have access 
to the file for viewing at the KDAQ office, so the information itself was available to Petitioners. 
Finally, we note that in neither petition requesting EPA to object to the permit do they attempt to 
identify concerns with specific information they received after the close of the comment period. 
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standards for reviewing public participation concerns). Further, as was discussed above, 
Petitioners did have the benefit of a second public comment period (on Revision 3). 


Even though EPA is denying this claim in the Petition because Petitioners have not 
demonstrated that KDAQ failed to comply with an applicable public participation requirement, 
EPA has concerns regarding KDAQ's treatment of the Petitioners in their efforts to view the 
permit file and obtain copies of the file. Consistent with Section 502(b)(8), 42 U.S.C. 
§ 7661 a(b )(8), state rules shall provide "reasonable procedures consistent with the need for 
expeditious action by the permitting authority on permit applications and related matters, to 
make available to the public" certain permitting information. As a result, EPA strongly urges 
that KDAQ review its procedures regarding public inspection of its pelmit files and ensure that 
such procedures allow for inspection of the entire pem1it file at the begirming of the public 
comment period, and that the file is well-organized. Further, if no copier is provided for use by 
the public, EPA strongly recommends that KDAQ provide the public with a procedure by which 
copies may be obtained in a timely marmer. Such steps will further open and transparent 
government, which ultimately helps to supp0l1 government decisions and actions. In the RTC 
for Revision 2, KDAQ committed to "take under advisement suggestions to improve its public 
out reach procedures." KDAQ RTC Revision 2 at 13. EPA supports open and transparent 
government decision-making and is available to further advise KDAQ about improvements in its 
procedures for ensuring an adequate public participation for PSD and title V permits. 


2. KDAQfailed to extend the public comment period 


Petitioners' Claims. Petitioners state that KDAQ's failure to extend the comment period 
was unreasonable because of "gross inadequacies" in the public review process. Petition 1 at12. 
Specifically, Petitioners allege that the extension was warranted due to the delays associated with 
identifying the location of the pennit file (see Petitioners' Exhibit F (Declaration of Joan S. 
Lindop, Sierra Club member), as well as delays associated with obtaining a copy of the permit 
file. Petition 1 at 12-13. Petitioners cite to a situation in Illinois, which they claim is similar and 
for which an extension was granted. 


EPA's Response. As an initial matter, we believe that this issue is now moot due to the 
subsequent public comment period on Revision 3. Because Kentucky did not limit the scope of 
comments that could be submitted on Revision 3, the Petitioners had a second opportunity to 
submit comments on any issues for which they believed they had an insufficient opportunity to 
do so on Revision 2. We note that Petitioners took advantage of this opportunity and submitted 
numerous comments that went beyond the limited scope of the revisions that were the focus of 
Revision 3 - including raising issues that could have been raised during the Revision 2 process. 
Thus, to the extent a new or extended comment period may have been warranted, it has already 
been provided. 


Nonetheless, Petitioners have not demonstrated that Kentucky acted inconsistent with 
applicable requirements or requirements under title V in denying Petitioners' request for an 
extension of the comment period on Revision 2. Kentucky'S regulations at 401 KAR 52: 1 00 do 
not explicitly require that extensions to public comment periods be granted. Extensions are also 
not explicitly discussed by applicable federal rules. 40 CFR § 70.7(h)(2), 40 CFR § 51.166(q). 
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As a general matter, permitting authorities have discretion to extend (or not) a public comment 
period. 


Petitioners describe Ms. Lindop's unfortunate experience in attempting to view and 
obtain a copy of the LG&E permit file. However, in requesting the extension of time from 
KDAQ prior to the close of the comment period, Petitioners did not raise any of the concems 
raised in the Petition. See Petitioners Exhibit G (E-mail from John Blair, Valley Watch, Inc. to 
John Lyons). Instead, Petitioners stated that an extension was necessary because "so many new 
sources" were being proposed in Kentucky. Id. Petitioners' comment letter also included a 
request for an extension of time (Petitioners' Exhibit A at 3), but providing little detail in terms 
of why an extension (or re-opening of the comment period) was warranted. Petitioners have not 
demonstrated that KDAQ's exercise of its discretion, based on the facts that were presented to it 
in this circumstance, was arbitrary, capricious or resulted in a flaw in the permit. See, e.g., 
Valero Refining Company at 44 . . In addition, the matter is now moot. Therefore, the Petitions 
are denied as to this issue. 


B. Petitioners' PSD Related Issues 


Background on PSD and BACT Applicable to All PSDIBACT Related Issues Raised in Petition 


The CAA and corresponding PSD regulations require that new major stationary sources 
and major modifications of such sources employ BACT to minimize emissions of regulated 
pollutants emitted from the facility in significant amounts. CAA § 165(a)( 4),42 U.S.C. 
§ 7475(a)(4); 40 CFR § 52.21(j)(2); 401 KAR 51 :017 § 8(2), (3). BACT is defined to mean, 


an emission limitation based on the maximum degree of reduction [of pollutants 
emitted from the facility] which the permitting authority, on a case-by-case basis, 
taking into account energy, environmental, and economic impacts and other costs, 
determines is achievable for such facility through application of production 
processes and available methods, systems, and techniques, including fuel 
cleaning, clean fuels, or treatment or innovative fuel combustion techniques for 
control of each such pollutant. 


CAA § 169(3),42 U.S.C. § 7479(3). 


EP A has developed a "top-down" process that permitting authorities use to ensure that a 
BACT analysis satisfies the applicable legal criteria. The top-down BACT analysis consists of a 
five-step process which provides that all available control technologies be ranked in descending 
order of control effectiveness, beginning with the most stringent. See Prairie State, slip. op. at 
17 -18. The most stringent control technology is deemed the control necessary to achieve BACT
level emission limits unless the applicant demonstrates, and the permitting authority determines, 
that technical considerations, or energy, environmental, or economic impacts justify a conclusion 
that the most stringent technology is not achievable in that case. An incomplete BACT analysis, 
including failure to consider all potentially applicable control alternatives, constitutes clear error. 
See, e.g., Prairie State, slip op. at 19; In re Knauf Fiber Glass, GmbH, 8 E.A.D. 121, 142 (EAB, 
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February 4, 1999); In re Masonite Corp. 5 E.A.D. 551 , 568-569 (EAB, November 1,1994). The 
five steps in the top-down process are summarized below: 


a. Identify all available control technologies; 
b. Eliminate technically infeasible options; 
c. Rank remaining control technologies by control effectiveness; 
d. Evaluate the economic, environmental, and energy impacts of the options; and 
e. Select BACT. 


Prairie State, slip op. at 17-18. Although EPA regulations do not require application of this top
down process to meet the BACT requirement, this top-down analysis is frequently used by 
permitting authorities to ensure that a defensible BACT determination, including consideration 
of all requisite statutory and regulatory criteria, is reached. LG&E followed this top-down 
BACT methodology when it submitted its application for modifications at the Trimble County 
facility, which KDAQ applied in issuing its permitting decision. KDAQ SOB Revision 2 at 15. 


1. Petitioner's Claim that the Permit Fails to Include BACT for Carbon 
Dioxide 
(Section III of Petition 2) 


Petitioners ' Claims. Petitioners claim that EPA must object to the permit because the 
permit fails to include requirements addressing emissions of carbon dioxide (C02) and other 
harmful greenhouse gases (GHGs) from Unit 31, specifically a BACT analysis for CO2. Petition 
2 at 5-16. In this pOltion of the Petition, Petitioners raise the following main concerns: (l) Unit 
31 will emit millions of tons of CO2 and other GHGs; (2) CO2 is an air pollutant under Kentucky 
and federal law; (3) CO2 is subject to regulation under the CAA (Sections 202, 821 and 40 CFR 
Part 75) and Kentucky law (401 KAR 52:060); (4) the permit cannot issue without the required 
emissions information for CO2; and (5) the permit cannot issue without BACT limits for CO2 


(also stating, among other points, that the PSD significance level for CO2 is "any emissions," and 
that a BACT analysis should consider carbon capture and sequestration). 


EPA's Response. In its response to comment on this issue, KDAQ identified the 
provision of the Kentucky SIP that requires it to implement the state PSD program in a manner 
that is no more stringent than the federal PSD program. KDAQ RTC Revision 3 at 13 (citing 
Kentucky Revised Statutes (KRS) 224.1 0-1 00(26)). KDAQ then found that there were no 
federal PSD requirements to control CO2 at stationary sources,13 and KDAQ explained that the 
Kentucky PSD regulations did not require a BACT analysis for CO2 emissions in Revision 3. Id. 
Implicit in KDAQ 's conclusion that the permit would not include a CO2 BACT limit was an 


13 As Petitioners note, KDAQ did incorrectly state that there "there are no federal regulations 
establishing requirements for CO2 at stationary sources." KDAQ RTC Revision 3 at 13. 
However, given that this sentence directly follows KDAQ's discussion of the SIP requirement to 
implement their PSD program no more stringently than the federal PSD program and directly 
precedes their discussion of state BACT requirements, we think this sentence is more 
appropriately interpreted to say that Kentucky found there are no federal regulations establishing 
PSD requirements for CO2 at stationary sources. 
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understanding that the federal PSD program did not apply to C02 emissions at the time Revision 
3 was issued. As discussed below, Petitioners have failed to demonstrate that KDAQ's reliance 
on the SIP and its assumptions regarding the federal PSD program requirements led to a permit 
that is deficient under the CAA. 14 


When KDAQ issued permit Revision 3 in January 2008, at least one EPA Region and the 
EPA program office that oversees implementation of the federal PSD permitting program had 
taken the position that CO2 emissions were not subject to federal PSD requirements because they 
believed there was a binding, historic interpretation of the phrase "subject to regulation" in the 
federal PSD regulations that required PSD regulations to applied only to those pollutants already 
subject to actual control of emissions under other provisions of the CAA. 15 See EPA Region 7's 
Response to Petition for Review, In re: Deseret Power Electric Cooperative, PSD Appeal No. 
07-03 (filed November 2,2007); Brief of the EPA Office of Air and Radiation, In re: Christian 
County Generation, LLC, PSD Appeal No. 07-01 (filed September 24, 2007). Accordingly, 
these EPA offices argued that the regulations in the CAA Acid Rain program that require 
monitoring of CO2 at some sources (and which are cited by Petitioners in this matter) did not 
make CO2 subject to PSD regulation. Id. Thus, it was not implausible for KDAQ to assume that 
the federal PSD program did not require permits to include limits for CO2 emission because, at 
the time KDAQ issued Revision 3, two EPA offices that implement and interpret the 
requirements of the federal PSD program had taken that position. Moreover, at that time, no 
federal permitting authorities had actually imposed PSD requirements for CO2; in fact, no federal 
PSD permit has since issued which included CO2 limits. 


A decision of EPA's Environmental Appeals Board ("EAB") subsequently addressed the 
position that CO2 emissions were not subject to PSD regulation. See In re: Deseret Power 
Electric Cooperative, 14 E.A.D. _, PSD Appeal No. 07-03 (EAB, November 13,2008). The 
EAB determined that prior EPA actions were insufficient to establish a historic, binding 
interpretation that "subject to regulation" for PSD purposes included only those pollutants 
subject to regulations that require actual control of emissions. However, the EAB did not 
conclude that such an interpretation was impermissible under the CAA and found "no evidence 
of a Congressional intent to compel EPA to apply BACT to pollutants that are subject only to 
monitoring and reporting requirements." Id. at 63. Shortly thereafter, in order to address the 
ambiguity that existed in the federal PSD regulations following the EAB decision, then 
Administrator Stephen Johnson issued a memorandum setting forth the official EPA 
interpretation regarding which pollutants were "subject to regulation" for the purposes of the 


14 Petitioners also included a request for EPA to reopen the LG&E permit to include PSD BACT 
limits for CO2 emissions. Petition 2 at 10. In light of the circumstances discussed below, EPA 
also declines at this time to undertake a discretionary reopening of the LG&E permit to include 
such limits. 
15 Under the federal PSD permitting regulations, only newly constructed or modified major 
sources that emit one or more "regulated NSR pollutants" are subject to the requirements of the 
PSD program, including the requirement to install BACT for those regulated NSR pollutants that 
the facility emits in significant amounts. "Regulated NSR pollutants" include "any pollutant that 
otherwise is subject to regulation under the Act." 40 CFR § 52.21(b)(50)(vi); see also 401 KAR 
51:001 § 1(210). 
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federal PSD permitting program. Memorandum from Stephen Johnson, EPA Administrator, to 
EP A Regional Administrators entitled, "EPA's Interpretation of Regulations that Determine 
Pollutants Covered by Federal Prevention of Sign~ficant Deterioration (PSD) Permit Program" 
(December 18, 2008) (Johnson Memo); see also 73 Fed. Reg. 80,300 (December 31, 2008) 
(public notice of December 18, 2008 memo). The Johnson Memo established an interpretation 
of "subject to regulation" within the federal · PSD regulations that "exclude[ d] pollutants for 
which EPA regulations only require monitoring or reporting but [] include[ d] each pollutant 
subject to either a provision in the Clean Air Act or regulation adopted by EPA under the Clean 
Air Act that requires actual control of emissions of that pollutant." Johnson Memo at 1; 73 Fed. 
Reg. at 80,301. EPA received a petition for reconsideration of the position taken in the Johnson 
Memo, and on February 17,2009, the new Administrator granted that petition. Letter from Lisa 
P. Jackson, EPA Administrator, to David Bookbinder, Chief Climate Counsel at Sierra Club 
(February 17,2009). In granting reconsideration, Administrator Jackson announced the intent to 
conduct a rulemaking to take public comment on the issues raised in the memo, but she did not 
stay the effectiveness of the Johnson memo pending reconsideration. 16 


While KDAQ's implicit assumption at the time Revision 3 was issued - that there was an 
established federal standard that did not require PSD permits to include limits for CO2 emissions 
- was later overturned by the EAB, it does not mean that Petitioners have demonstrated that 
KDAQ's reliance on this assumption led to a permit that is deficient under the CAA. Petitioners 
assert that Revision 3 was issued in error because CO2 "is clearly 'subject to regulation' under 
the [CAA] and Kentucky law," based on CAA regulations requiring their monitoring and 
reporting. Petition 2 at 7. Petitioners are essentially arguing that at the time KDAQ issued the 
permit, the federal PSD program required application of BACT requirements to CO2 emissions 
and KDAQ erred by not including such limits. However, this argument fails because the EAB 
specifically found that there was no established standard regarding whether CO2 was "subject to 
regulation" under the federal PSD program and that the position urged by Petitioners - PSD 
regulation of C02 was required given existing monitoring and reporting requirements - is not 
clearly dictated by the language of the CAA or EPA regulations. Deseret Power at 63. 
Accordingly, Petitioners have not established that KDAQ's failure to require CO2 emissions 
limits in this permit was incorrect because they did not show that KDAQ implemented the 
Kentucky PSD program in a manner less stringent than the existing federal PSD program. 17 


Because Petitioners have not demonstrated that Revision 3 is inconsistent with the requirements 
of the Act, the Petition 2 is denied with respect to this issue. 18 


16 The grant of reconsideration also re-iterated that states must issue PSD permits "under their 
own State Implementation Plims." February 17,2009 letter granting reconsideration at 1; see 
also Johnson Memo at 3, n. 1 ("To the extent approved State Implementation Plans contain the 
same language as used in [the relevant federal PSD regulations], States may interpret that 
language in state regulations in the same manner reflected in this memorandum.") (emphasis 
added). 
17 The position taken in KDAQ's permitting decision rests on the interplay of its SIP and the 
federal PSD program, and that decision is consistent with the EPA's present position regarding 
which pollutants are subject to federal PSD permitting requirements. 
18 Actions are underway at EPA that could, when finalized, result in the promulgation of final 
standards controlling the emission of greenhouse gases. In particular, EPA has announced its 
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2. Petitioners' Claims that tlte Permitfails to include air quality 
monitoring demonstration during periods of startup, shutdown, and 
maintenance 
(Sections IX and X of Petition 2) 


Petitioners' Claims. In Section IX of Petition 2, Petitioners reiterate the issues raised in 
Section II. E. of Petition 1 that the permit fails to include BACT for periods of startup, shutdown 
and malfunction. Petition 1 at 24. These issues were already responded to in EPA's September 
10,2008, Partial Order. In Section X, Petitioners comment that KDAQ's failure to consider 
BACT for periods of startup, shutdown and malfunction also resulted in a failure to demonstrate 
that Unit 31 "will not cause or contribute to a violation ofNAAQS or PSD increment." Petition 
2 at 51. Petitioners cite to CO, VOCs and NOx as pollutants of concern although Petitioners' 
focus is onVOCs because the VOC potential to emit was estimated at 97.8 tpy, a level that 
allowed LG&E not to evaluate air quality impacts for ozone. Petitioners suggest that VOC 
emissions can be higher during periods of startup, shutdown and malfunction, and that such 
emissions "can be significant in terms of triggering an ambient air quality analysis to assess 
compliance with ozone NAAQS and increments." Petition 2 at 52. 


EPA's Response. Pursuant Section 165 of the CAA, the PSD preconstruction 
requirements include, among others, an air quality analysis and PSD increment analysis. 42 
U.S.C. § 7475. EPA promulgated rules providing details on the air quality and PSD increment 
analyses, and Kentucky also adopted rules consistent with the CAA and EPA's regulations, 
which are incorporated into Kentucky's SIP. 401 KAR 51 :017 §§ 9-14; see also 40 CFR 
§§ 52.21 (c)-(P), (r). Kentucky's rules at 401 KAR 51 :017 § 11 describe a PSD permit 
applicant's obligation to provide to KDAQ an "analysis of ambient air quality in the area that the 
major stationary source or major modification will affect." Id. at (l)(a). The analysis is specific 
to regulated pollutants for which the major modification will result in a significant net increase -
and how those increases might affect the area's ability to maintain the current NAAQS 
attainment status. 401 KAR § 51:017; see also KDAQ SOB Revision 2 at 31. Ozone is treated 
differently from other pollutants for which there is an established NAAQS because ozone is not 
emitted directly from sources. As a result, an ozone air quality analysis cannot be performed on 
a source-by-source basis in the same manner as an analysis for PM or the other NAAQS 
pollutants. Therefore, air quality impact analyses for ozone focus on ozone precursors, primarily 
VOCs and NOx. NOx is a precursor for ozone although KDAQ's SIP-approved rules have not 
yet been updated to include NOx as an ozone precursor. 


In the Revision 2 SOB, KDAQ explained that LG&E provided the information required 
by Kentucky rules for the ambient air quality analysis. KDAQ SOB Revision 2 at 31-32. 
Pursuant to Kentucky rules (which are consistent with federal rules), KDAQ may exempt a 
project from an ambient air impact analysis if the project would result in a net emissions increase 
of less than the amounts listed in the table in 401 KAR 51:017 § 7(5)(a). Petitioners raise 
specific concerns regarding VOCs and ozone. For ozone, 401 KAR 51 :017 § 7(5)(a) explains 


intention to propose a rule regulating greenhouse gas emissions from light-duty vehicles; that 
rule would control the emission of greenhouse gases within the meaning of the Johnson Memo. 
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that, "No de minimis air quality level is provided for ozone. However, a net increase of 100 tpy 
or more of VOCs subject to this administrative regulation is required to perform an ambient 
impact analysis including the gathering of ambient air quality data." Jd. LG&E's 2004 
Application explains the origin of LG&E' s determination that the net emissions increase for 
VOCs would be 97.5 tpy (thus allowing KDAQ to exclude the source from ozone related air 
quality analyses). 2004 Application at 2-11-2-15. Specifically, LG&E evaluated emissions from 
9 emissions sources associated with the Unit 31 modification. Jd. at 2-11. The emissions from 
these sources were based on projected fuel burn rates, engineering design estimates, and EPA 
AP-42 emissions factors. 19 Jd. In addition, LG&E explained that "combustion calculations were 
performed to develop representative stack parameters and emission rates ... " Jd. For Unit 31, 
LG&E explained that "emissions and stack parameters were developed for unit loads of 100, 75, 
and 50 percent of maximum capacity over a range of representative ambient temperatures ... as 
well as for three potential coal fuels ." Jd. These analyses were then used to determine the 
potential-to-emit resulting from the modifications, and then compared with previous emissions to 
determine the net emissions increase pursuant to Kentucky's SIP-approved rules at 401 KAR 
51:017.20 


The result of these analyses was a projected net emissions increase of97.8 tpy for VOCs. 
KDAQ SOB Revision 2 at 3-6. In the Revision 3 analysis, this number was revised to 97.5 tpy 
for VOCs, but the substance of the analysis remained unchanged. KDAQ SOB Revision 3 at 3. 
Because the projected net emissions increase was below 100 tpy, Kentucky concluded that 
LG&E was not required to conduct an ambient air analysis for ozone. 401 KAR 51 :017 
§ 7(5)(a); see also 2004 Application at 4-35 (requesting the §7(5)(a) exemption). 


Petitioners do not identify any specific flaws in the analysis performed by LG&E or 
KDAQ with regard to CO, VOCs, or NOx. Rather, Petitioners seem to rely on a presumption 
that emissions during startup and shutdown periods can be higher than during other operating 
periods. Petition 2 at 52. With regard to CO and NOx, Petitioners provide no specific 
information demonstrating any flaw in the analyses performed by LG&E and KDAQ. Slightly 


19 An emissions factor is a representative value that attempts to relate the quantity of a pollutant 
released to the atmosphere with an activity associated with the release of that pollutant. These 
factors are usually expressed as the weight of pollutant divided by a unit weight, volume, . 
distance, or duration of the activity emitting the pollutant (e.g., kilograms of particulate emitted 
per megagram of coal burned). Such factors facilitate estimation of emissions from various 
sources of air pollution. In most cases, these factors are simply averages of all available data of 
acceptable quality, and are generally assumed to be representative of long-term averages for all 
facilities in the source category. For more information on AP-42 and emissions factors, see 
hUp:llwww.epa.gov/ttnichief/ap42Iindex.html. 
20 In determining the actual emissions for evaluating an increase associated with a modification, 
the rules require that sources consider emissions that are "representative of normal source 
operations." 401 KAR 51 :001 § 1 (2)(a). Neither federal law nor Kentucky rules require that 
sources consider a malfunction as representative of normal source operations. In addition, the 
nature of malfunctions is such that they are not anticipated events. Petitioners fail to demonstrate 
that malfunction emissions from this unit will result in an increase of VOC emissions such that 
the 100 tpy threshold will be met. 
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more detail is provided for VOCs. With regard to VOCs, Petitioners suggest that because 97.5 
tpy is close to the 100 tpy threshold, and because "any increase in VOCs - such as those from 
startup, shutdown and maintenance - can be significant," that LG&E should have conducted an 
air quality impact analysis for ozone. Petition 2 at 52.21 Petitioners provide no information 
demonstrating that emissions from startup, shutdown can be "significant," or result in an increase 
that would push LG&E over the 100 tpy threshold. Further, Petitioners fail to identify any 
specific portion of LG&E's analyses described in its 2004 or 2007 Applications where LG&E's 
analysis is not consistent with applicable law. As explained by LG&E, the emissions analyses 
were based on several scenarios, including unit loads of 100% (which are significantly greater 
than unit loads that would exist during a period of shutdown or startup). 2004 Application at 2-
11. These emissions increases were then compared with previous emissions, consistent with the 
SIP-approved Kentucky rules, to determine whether such increases were "significant." 


The Petitioners rely primarily on the assumption that emissions will increase during 
periods of startup and shutdown, as opposed to specific flaws in the analyse~ performed by 
LG&E and KDAQ. See, e.g., KDAQ SOB Revision 2 at 3-5; 2004 Application at 2-11-2-15 and 
Appendix E; LG&E February 13,2007, Application (Revision 3) at Appendix D (Emission 
Calculations); and Kentucky Cabinet Hearing Officer's Report and Recommended Secretary's 
Order (Hearing Officer's Report), File No. DAQ-27602-042 (June 13,2007) at 163-164 (aff'dby 
Secretary on September 28, 2007). While it is generally true that not all control technology will 
be fully operational during periods of startup and shutdown (such as SCR which requires a 
certain temperature for the catalyst to function), this does not necessarily correlate to increased 
emissions during periods of startup and shutdown. As noted above, typically the units are not 
operating at full loads during such periods either. Petitioners cite to no evidence supporting their 
allegation on this point that emissions would be greater during these periods than they would be 
during operation at full-load. VOC emissions at LG&E are related to combustion generally -
hence the focus of the analysis on combustion calculations and unit loads. 2004 Application at 
2-11-2-15. As noted in the Hearing Officer's Report, Unit 31 would not be expected to be 
operating at "full load/full capacity" during periods of startup and shutdown; thus, the emissions 
are expected to be significantly less than those measured by LG&E which assumed maximum 
capacity loads 365 days a year. KDAQ RTC Revision 2 at 25; see also Hearing Officer's Report 
at 163-164; 2004 Application at 2-11-2-15. In addition, facilities such as LG&E will typically 
try to minimize emissions during startup by using alternative fuels during startup (such as natural 
gas). KDAQ RTC Revision 2 at 25; Hearing Officer's Report at 163-164. 


Petitioners do not identify any specific step in the analytical process where LG&E's 
evaluation was not consistent with applicable law. There is no information in the record 
indicating that the VOC emissions are expected to exceed 100 tpy. Thus, for the reasons 
described above, Petitioners have not demonstrated that KDAQ's evaluation was unreasonable or 
resulted in a flaw in the permit. As a result, the Petitions are denied on these issues. 


3. Petitioners' Claims Regarding BACT for NOx and S02 
(Section II. B. Petition 1; Section V.b Petition 2) 


21 Petitioners also make a vague reference to a failure to evaluate "PSD increment;" however, 
there is no PSD increment for ozone. 
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Background on PSD Program and Netting 


The PSD program applies to NAAQS pollutants and precursors for which an area has 
been designated attainment or unclassiiiable, see CAA §§ 160-169,42 U.S.C. § 7470-7479, as 
well as any other "regulated NSR pollutant" as defined in 40 CFR § 52.21 (b )(50). The PSD 
program describes a set of preconstruction requirements applicable to new major emitting 
facilities (also called major stationary sources), and those undergoing a major modification that 
triggers PSD review. See 42 U.S.C. § 7475. Pursuant to federal rules, a major modification 
means "any physical change in or change in the method of operation of a major stationary source 
that would result in: a significant emissions increase ... of a regulated NSR pollutant. .. and a 
significant net emissions increase of that pollutant from the major stationary source." 40 CFR 
§ 51.166(b )(2)(i); see also Kentucky's SIP-approved rules at 401 KAR 51 :017 § 1 (116). The 
term "significant" is defined in 40 CPR § 51.166(b )(23) and includes specific emission rates for 
certain pollutants. See also, 401 KAR 51:017 § 1 (221). With regard to pollutants for which the 
CAA does not set a specific emission rate, "significant" is defined as "any net emissions 
increase" associated with a major modification for those pollutants. 40 CFR 51.166(b )(23).22 


Netting is a term that refers to the process of considering certain prevjous and prospective 
emissions changes at an existing major source to determine if a "net emissions increase" of a 
pollutant will result from a proposed physical change or change in method of operation. See 40 
CFR § 51.166(b )(3)(i) (definition of "net emissions increase"), 401 KAR 51:017 § 1 (146). The 
PSD definition ofa net emissions increase found in 40 CFR § 51. 166(b)(3)(i) (and 401 KAR 
51 :017 § 1 (146)(a» consists of two components: (a) any increases in actual emissions from a 
particular physical change or change in method of operation at a stationary source; and (b) any 
other increases and decreases in actual emissions at the source that are contemporaneous with the 
particular change and are otherwise creditable. The first component narrowly includes only the 
emissions increases associated with a particular changeat the source. The second component 
more broadly includes all contemporaneous, source-wide (occurring anywhere at the entire 
source), creditable emission increases and decreases. ld. The netting analysis is reviewed on the 
basis of changes in annual (tons per year) emissions. See 40 CFR § 51.166(b )(23); see also 
Environmental Defense v. Duke Energy Corp., 127 S. Ct. 1423 (2007) (upholding EPA's 
interpretation of modification based upon tons per year of emissions). 


Pursuant to federal rules and Kentucky's SIP-approved rules, an increase or decrease in 
actual emissions is contemporaneous with the increase from the particular change only if it 
occurs between the date five years before construction on the particular change commences and 
the date that the emissions increase from the particular change occurs. 40 CFR 
§ 52.21 (b)(3)(ii)(a)-(b), 401 KAR 51:017 § 1 (l46)(b)(2). Applicable rules also describe when an 
increase or decrease in actual emissions is "creditable." 40 CFR § 52.21 (3)(iii); 401 KAR 
51:017 § 1(146)(c)-(f). Generally, to be creditable, a contemporaneous reduction must be 


22 The concept of a "net" emissions increase was challenged following EPA's promulgation of 
the NSR rules in 1978 (43 Fed. Reg. 26,380, June 19, 1978) and upheld by the U.S. Court of 
Appeals for the District of Columbia Circuit (D.C. Circuit). See, e g, Alabama Power Co. v. 
Castle, 636 F.2d 323 at 402-403 (D.C. Cir. 1979). 
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enforceable on and after the date construction on the proposed modification begins. The actual 
reduction must take place before the date that the emissions increase from any of the new or 
modified emissions units occurs. In addition, the permitting agency must ensure that the source 
has maintained any contemporaneous decrease which the source claims has occurred in the past. 
The source must either demonstrate that the decrease was enforceable at the time the source 
claims it occurred, or it must otherwise demonstrate that the decrease was maintained until the 
present time and will continue until it becomes enforceable. An emissions decrease cannot occur 
at, and therefore, cannot be credited from an emissions unit which was never constructed or 
operated, including units that received a PSD permit. In addition, reductions must be of the same 
poJlutant as the emissions increase from the proposed modification and must be qualitatively 
equivalent in their effects on public health and welfare to the effects attributable to the proposed 
increase. Jd, see also 45 Fed Reg. 52,676,52,698-52,699 (August 7,1980) (explaining 
contemporaneous and creditable in the preamble to the rule promulgating EPA' s 1980 NSR rule 
revisions) . 


For emissions decreases occurring at the same facility, of the same pollutant, within the 
applicable contemporaneous time period, KDAQ adopted an approach explained in the RTC 
Revision 2. KDAQ RTC Revision 2 at 18. Under this approach, there exists a presumption that 
the emissions decrease will have approximately the same qualitative significance for public 
health and welfare as that attributed to the related increase, unless the permitting agency has 
reason to believe that the reduction in ambient concentrations from the emissions decrease will 
not be sufficient to prevent the proposed emissions increase from causing or contributing to a 
violation of any NAAQS or PSD increment. The language regarding qualitative significance for 
public health and welfare stems from the purpose of the Act in Section 1 Ol(b)(I), 42 U.S.C. 
§ 7401 (b)( 1). As in the case of LG&E, in order to ensure that the emissions reductions are 
contemporaneous and creditable for netting purposes, a regulated entity may seek a voluntary 
reduction in emissions not associated with any other change at the facility. 


In summary, the netting analysis performed by a permitting authority tends to follow a 
six-step process: (1) determine emission increases from the proposed project; (2) determine the 
beginning and ending dates of the contemporaneous period as it relates to the proposed 
modification; (3) determine which emission units at the source have experienced an increase or 
decrease in emissions during the contemporaneous period; (4) determine which emissions 
changes are creditable; (5) determine, on a pollutant-by-pollutant basis, the amount of each 
contemporaneous and creditable emissions increase and decrease; and (6) sum all 
contemporaneous and creditable increases and decreases with the increase from the proposed 
modification to determine if a significant net emissions increase will occur. 45 Fed Reg. at 
52,698; see also Memorandum entitled, "Proposed Nettingfor Modifications at Cyprus 
Northshore Mining Corporation, Silver Bay, Minnesota," from John Calcagni to David Kee 
(August 11, 1992) at 3-6. At the conclusion of the netting analysis, the permitting authority can 
then determine the specific pollutants for which there is a significant net increase in emissions, 
and thus, would be subject to PSD review. See, e.g., In re Hawaii Electric Light Company, Inc., 
8 E.A.D. 66 (EAB, November 25, 1988) (discussing elements of the netting analysis). 


Background on KDAQ Netting Analysisfor LG&E 
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In November and December of2004, LG&E submitted to KDAQ two minor permit 
revisions for voluntary creditable decreases in emissions of NO x and S02 from the already 
existing and permitted Unit 1, in anticipation of future construction of Unit 31. KDAQ SOB 
Revision 1 Minor Modification (January 20, 2005). KDAQ's review of the voluntalY decrease in 
emissions was completed consistent with Kentucky's PSD rules.23 As part of its permit 
application to reduce emissions, LG&E explained its intention to use the emission decreases of 
NOx and S02 in its netting calculations for the forthcoming modification. KDAQ SOB 
(Revision 1 - Minor Modification); see also KDAQ SOB (Revision 2) at 3, 6. The Revision 2 
SOB explained that for NOx, LG&E would reduce the emissions through a combination of 
increased removal efficiency and increased SCR operating time. KDAQ SOB Revision 2 at 5,6. 
For S02, KDAQ explained that the reductions would be achieved through capital investments to 
increase overall WFGC removal efficiency. Jd. In Revision 3, KDAQ noted that there were 
some adjustments to the emissions for NOx and S02, but concluded that LG&E was still able to 
net-out of PSD for NOx and S02. KDAQ SOB Revision 3 at 3. In the February 13,2007 
Amendment to Air Construction Permit (Revision 3 Application), LG&E explains the emissions 
changes associated with the modifications as well as presenting the specific emissions 
calculations. Revision 3 Application at Section 3.0 and Appendices. Generally, the facts of the 
LG&E netting involve the situation contemplated by EPA in promulgating its regulations in 
1980 - that facilities would upgrade older equipment to reduce emissions and that this may result 
in creditable emissions decreases. 45 Fed. Reg. at 52,700. 


These netting issues were raised by Petitioners in their state permit appeal, for which a 
final order was issued on September 28,2007. Kentucky Cabinet Secretary's Final Order File 
No. DAQ-27602-042 (September 28,2007); see also, Kentucky Cabinet Hearing Officer's 
Report at 67-105. As part of Revision 3 to the permit, KDAQ revised the netting analysis, 
although the ultimate result was that KDAQ still concluded that the modification satisfied the 
netting requirements and was able to "net-out" of PSD review for NOx and S02. As explained 
by KDAQ, the additional control equipment required by KDAQ as part of the permit had the 
effect of reducing the net emissions increase for NOx and S02 by 2.9 tpy and 0.9 tpy, 
respectively. KDAQ SOB Revision 3 at 4. KDAQ also noted that even with some increases 
from emission units such as the auxiliary boiler, there were "no changes to the project's 
applicability under the original PSD review process from what was determined for the 2004 
Application." KDAQ SOB Revision 3 at 3. 


Petitioners' Claims. Petitioners raised a number of concerns regarding the netting in 
Petition 1. Petitioners raised some new concerns in Petition 2. All are outlined in this paragraph 
and discussed below. In Petition 1, Petitioners state that the netting analysis for NOx and S02 
was erroneous, and thus, it was incorrect for KDAQ to allow Unit 31 to avoid full PSD review 
for NOx and S02 (i.e., a full BACT analysis). In Petition 1, Petitioners' issues stem from two 


23 These rules became effective as a matter of State law on July 14,2004. At the time that these 
rules were relied upon by KDAQ, they had been submitted to EPA for approval into the SIP. 
The rules reflected changes made by EPA to the federal NSR rules - the 2002 NSR Reform 
Rules. EPA subsequently approved these rules into the Kentucky SIP. 71 Fed. Reg. 38,990 
(July 11, 2006). The delay was associated with litigation on the 2002 NSR Reform Rules that 
did not impact any issues raised by Petitioners. 
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basic concerns - that the reductions in NOx and S02 were neither creditable nor 
contemporaneous. Petition 1 at 14-18. Petitioners claim in Petition 1 that the emission decreases 
at Unit 1 were not "creditable" for use at Unit 31 because KDAQ did not: (1) properly detennine 
that the decreases had the same qualitative significance for public health and welfare as the 
increase in emissions at Unit 31; (2) consider that the SCR on Unit 1 was installed as a result of 
the NOx SIP Call or other SIP requirements and thus any decreases in emissions cannot be used 
for netting; and (3) properly consider the timing of the increases per the ozone season. 
Petitioners claim in Petition 1 that the emission decreases at Unit 1 were not "contemporaneous" 
because KDAQ: (1) used "baseline emissions" instead of "actual emissions" for the netting 
calculations; (2) only the two prior consecutive years may be used for determining actual 
emissions; and (3) the S02 reductions at Unit 1 were required by another regulatory program (the 
CAA title IV program) and thus were not available for netting under the NSR program. 


In Petition 2, Petitioners raise two additional concerns. Petition 2 at 28-29. First is the 
claim that LG&E did not properly document its emissions calculations for NOx associated with 
the increase in size and operation of the auxiliary boiler. Second is the claim that LG&E did not 
properly document its emissions for NOx associated with the emergency diesel generator. Id. 


EPA's Response 10 Petition 1 Netting Issues 


a. Concerns regarding whether decreases were creditable 


Petitioners allege that the netting analysis fails to apply the requirement that the 
creditable decreases be of the same qualitative significance for public health and welfare as the 
increases for both NOx and S02, with an emphasis on the NOx emissions. Petition 1 at 14-16. 
For emissions decreases occurring at the same facility, of the same pollutant, within the 
applicable contemporaneous time period, KDAQ adopted an approach explained in the RTC 
Revision 2. KDAQ RTC Revision 2 at 18. Under this approach, there exists a presumption that 
the emissions decrease will have approximately the same qualitative significance for public 
health and welfare as that attributed to the related increase, unless the permitting agency has 
reason to believe that the reduction in ambient concentrations from the emissions decrease will 
not be sufficient to prevent the proposed emissions increase from causing or contributing to a 
violation of any NAAQS or PSD increment. Neither the federal rules, nor Kentucky's SIP
approved rules, articulate that the evaluation of qualitative significance be akin to a formal 
'determination' process as Petitioners appear to suggest. Rather, the permitting agency will 
typically evaluate the emissions decreases and increases per the elements enumerated above, and 
so long as those elements are met, the netting analysis is sufficient. The 2004 Application 
describes the creditable emissions reductions (at 2-14 - 2-15), as does KDAQ's SOB for 
Revision 2 at 3-6. See also KDAQ RTC Revision 2 at 18. Therefore, the requisite analysis for 
determining credibility was completed by KDAQ. 


As noted by Petitioners, during the public comment period, EPA submitted a comment to 
KDAQ on the issue of qualitative significance. EPA's comment to KDAQ underscores the key 
issue associated with the qualitative significance analysis. Notably, EPA commented that the 
qualitative significance analysis needs to "take into account the dispersion characteristics of Unit 
1 in comparison with the dispersion characteristics of the proposed new NOx and S02 emissions 
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units." Petition 1 at 15 (quoting EPA comments on draft permit). In this sense, the qualitative 
analysis may be a simple one. For example, one issue associated with evaluating the qualitative 
relationship of emissions may be comparing stack heights of different units. If, for example, 
decreases in emissions are taken through a stack that is 500 feet tall and the increases are emitted 
by a stack that is only 15 feet tall, these emissions may not have the same qualitative significan~e 
because the emissions from the lower stack may have a greater impact on ground level pollutants 
than the emissions from the higher stack. This is not to say that such impact is a certainty, but 
rather, that it would need to be evaluated as part of the netting analysis. EPA's comment to 
KDAQ was just a reminder that KDAQ conduct this type of analysis if the dispersion 
characteristics of the new unit, as compared with the existing unit, significantly differed. EPA 
typically includes this reminder in draft permit comments that include netting, and EPA's 
comment is not an indication that KDAQ had not properly undertaken the netting analysis. 
Petitioners make no allegations regarding any physical characteristic of Unit 1 versus Unit 31 
that implicates concerns regarding the qualitative significance ofthe emissions. They are two 
similar emission units (Unit 1 is a 500 MW unit and Unit 31 will be a 750 MW unit), located at 
the same facility, with similar technical features such as emission points, and the 
decreaseslincreases occurred within the appropriate time period. KDAQ SOB Revision 2 at 3-7. 
Thus, Petitioners are incorrect in claiming that EPA's comment demonstrates a flaw in KDAQ's 
qualitative significance analysis. 


Petitioners also allege that KDAQ "failed to examine all of the reasons for Trimble 
reducing NOx emissions and assessing whether those reasons preclude use of the reductions in a 
netting calculation." Petition 1 at 16. Petitioners cite to possible use of the same reductions to 
satisfy the NOx SIP Calf4 or other ozone SIP obligations. Petition 1 at 15-16. The minor 
modification sought by LG&E for netting purposes was to achieve greater NOx reductions than 
already required. 2004 Application at 2-16 (explaining that creditable NOx reductions from Unit 
1 were achieved through a combination of increased removal efficiency and/or increased SCR 
operating time); see also, KDAQ SOB Revision 1 (Minor Modification) at 1; KDAQ RTC 
Revision 2 at 17. The creditable emissions decreases for NOx resulted from LG&E voluntarily 
reducing the annual limit for NOx to 0.45 Ibs/mmBTU from 0.7 Ibs/mmBTU. ld. Petitioners 
state that as a result of the NOx SIP Call, the facility generated reductions of NO x emissions 
(Petition 1 at 15); however, Petitioners do not explain how those reductions relate to or implicate 
reductions obtained by LG&E for netting purposes. The Permit Revision 3 includes a section on 


24 On October 27, 1998, EPA fmalized the "Finding of Significant Contribution and Rulemaking 
for Certain States in the Ozone Transport Assessment Group Region for Purposes of Reducing 
Regional Transport of Ozone"- commonly called the "NOx SIP Call." 63 Fed. Reg. 57,356. 
The NOx SIP Call was designed to mitigate significant transport of NO x, one of the precursors of 
ozone. For those states opting to meet the obligations of the NOx SIP Call through a cap-and
trade program, EPA included a model NOx Budget Trading Program rule in 40 CFR Part 96. 
Kentucky is included in the NOx SIP Call and implements the program through 401 KAR 
51 :001,51 :160 (for utilities), 51: 180,51 :190, and 51: 195. EPA approved Kentucky's NOx SIP 
Call rules into the SIP on April 11, 2002. 67 Fed. Reg. 17,624 . 
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the NOx SIP Call (Section K).25 KDAQ responded to Petitioners' comments on the NOx SIP 
Call, explaining why Petitioners were not correct about the emissions used for the LG&E netting 
analysis. KDAQ RTC Revision 2 at 17. In Petition 1, Petitioners do not address specific 
concerns with KDAQ's RTC, or explain why it was not correct. KDAQ's evaluation on this 
issue is consistent with applicable requirements and Petitioners have not demonstrated that the 
netting analysis was flawed . 


In addition, Petitioners suggest that the NOx reductions associated with LG&E's minor 
modification were also used as part of Kentucky's plan to achieve compliance with the NAAQS. 
Petition 1 at 15. Petitioners do not identify any specific attainment demonstration or 
maintenance plan that included source-specific requirements for LG&E's Trimble County 
facility. As described in 40 CFR Part 81, Trimble County is designated as attainment for all the 
NAAQS. Although other areas in Kentucky are designated as nonattainment, there is no 
information indicating that emission reduction requirements for LG&E's Trimble County facility 
are relied upon as part of a SIP for the areas designated as nonattainment in Kentucky. There is 
nothing in the record that indicates that the reductions that LG&Erequested from KDAQ were 
for any other purpose but netting. KDAQ SOB (Revision 2) at 3-6; KDAQ RTC at 5, 14-15, and 
17-18. One result of the numerous applicable requirements for NOx and S02, among other 
pollutants, is that facilities seeking creditable and contemporaneous emission decreases for 
netting will have to achieve emission reductions that have some relationship to other reductions 
required by law. Applicable requirements do not prohibit netting simply because the emissions 
reductions bear some relationship to a reduction requirement. See, e.g., 40 CFR § 52.21 
(b)(3)(iii); 401 KAR 51:100 § 1(146)(f). Thus, Petitioners have failed to demonstrate that 
KDAQ's analysis for LG&E's netting failed to meet any applicable requirement either federal 
regulations or Kentucky's SIP-approved rules . 


Lastly, Petitioners appear to suggest that the "same qualitative significance for public 
health and welfare" means that the "increases from the project should be offset by decreases that 
occur in the same amount and at the same time." Petition 1 at 15. Petitioners seem to suggest 
that the creditable decreases will actually result in an increase of NO x emissions during the ozone 
season. Petition 1 at 16. In responding to Petitioners' comments on this point, KDAQ explained 
its position on qualitative significance and applied the LG&E facts to that stated framework. 
KDAQ RTC Revision 2 at 18. Petitioners fail to explain why the interpretation adopted by 
KDAQ was inappropriate. Thus, Petitioners failed to demonstrate that KDAQ's analysis was 
flawed. 


Additionally, the applicable requirements do not require that the exact amount of 
emissions increased must be decreased to qualify for netting (i.e., net zero emissions). Rather, so 
long as the "net emissions increase" is below the significance threshold for listed pollutants 
(which includes NOx and S02), then the major modification is not subject to PSD review for 
those pollutants. 40 CFR § 51.} 66(b )(23)(i) (definition of "significant"); see also 401 KAR 


25 As noted by KDAQ in the RTC, the NOx SIP Call program includes a trading component. As 
a result, the mere existence of the NOx SIP Call does not mean that every electric generating 
facility in a NOx SIP Call state would have to install controls and/or operate the facility to meet 
certain limits. KDAQ RTC Revision 2 at 17. 
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51: 1 00 § 1 (221). 'Therefore, there is no requirement that a facility have a net zero increase of 
emissions due to creditable decreases. Netting is established by evaluating emissions on a tons 
per year basis - not simply evaluating emissions during a portion of the year (e.g., ozone season 
versus non-ozone season). See, e.g., 40 CFR § 52.21 (b )(23)(i) (noting significant rates in tpy); 
401 KAR 51 :001 § 1 (221). In order to effectuate the voluntary, creditable decrease in NOx 


emissions, Permit Revision 3 establishes several different NOx emission limits for Unit 1 
including a 0.7 Ib/mmBTU (3-hour rolling average); 5,559 tpy (l2-month rolling total); and 0.45 
Ib/mmBTU (annual basis). Permit Revision 3 at 3 (Section B.2 (d)-(t)). These limits ensure that 
on both a short-term (3-hour average) and a long-term (12-month average) basis, NOx emissions 
stay below a specific limit. These limits apply at all times - i.e., both during the ozone season as 
well as outside of the ozone season. 


While Petitioners appear to disagree with KDAQ's analysis with regard to netting, 
Petitioners fail to provide any information demonstrating that KDAQ failed to adhere to the 
federal or Kentucky rules regarding the netting analysis, or that the permit fails to include an 
applicable requirement with regard to netting. Therefore, the Petitions are denied as to these 
Issues. 


b. Concerns regarding contemporaneous nature of emissions 


With regard to the requirement that emissions increases and decreases be 
"contemporaneous," Petitioners raise three main concerns. First, that KDAQ used baseline 
emissions instead of actual emissions. Second, that the S02 reductions were required by title IV 
of the CAA (the acid rain program). And third, that only the two years immediately prior may be 
used for netting purposes. Petition 1 at 17. In this discussion, Petitioners define "actual 
emissions" as "those that occur either immediately prior or in the two years prior to" a new limit. 
Petition 1 at 17. 


Petitioners appear to raise two arguments regarding the applicable emissions calculations 
for determining contemporaneous emissions - one regards the Kentucky rules that are currently 
SIP-approved, and one regards the Kentucky rule that were SIP-approved at the time of the 
permitting action. Consistent with federal rules and Kentucky'S current SIP-approved rules 
regarding contemporaneous emissions for netting pUrposes, "baseline actual emissions" are used 
for calculating increases and decreases to evaluate the contemporaneous nature of the emissions 
changes. 401 KAR 51 :00 I § I (2)( d) (1 ) (excluding the use of "actual emissions" for calculating a 
significant emissions increase); 40 CFR § 52.21 (3)(i)(b); 401 KAR 51:001 §1(l46).26 These 
rules explain that facilities like LG&E may choose any consecutive 24-month period within the 
five year look-back period. 401 KAR§ 51 :001 § 1 (20)(a); 40 CFR § 52.21 (b)( 48) (definitions of 
"baseline actual emissions"). Applicable requirements explain that the "increase or decrease in 
actual emissions is contemporaneous with the increase from the particular change only if". [f]or 
construction that commences on and after January 6, 2002, the change occurs between the date 
five (5) years before construction on the change commences, and the date that the increase from 
the change occurs." 401 KAR 51 :001 § 1(146)(b); 40 CFR § 52.21(b)(3)(ii). In Kentucky's 


26 Petitioners suggest that "actual emissions" should have been used instead; however, the rules 
specify that "baseline actual emissions" be utilized for this purpose. 
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current rules, baseline actual emissions for calculating increases and decreases in emissions for 
netting purposes are be determined consistent with the definition of "baseline actual emissions." 
40 CFR § 52.21(b)(48); 401 KAR 51 :001 § 1(20); see also 67 Fed. Reg. at 80,202/2-3. 
Consistent with the definition of baseline actual emissions, any consecutive twenty-four month 
period within the five years preceding a major modification may be used to calculate baseline 
actual emissions. Id. Further, under existing regulations, different twenty-four month periods 
(for baseline actual emissions) allowed for different NSR regulated pollutants. 40 CFR § 
52.21 (b)( 48)(ii)( d); 401 KAR 51 :001 § 1 (20)(b )(2); see also, Memorandum entitled, "Request 
for Clarification on Policy Regarding the 'Net Emissions Increase, ,,, from John Calcagni to 
William B. Hathaway (September 18, 1989) at 3. 


KDAQ described its netting analysis in the SOB for Revision 2 (at 4-6). See also, KDAQ 
RTC Revision 2 at 14-15. In the instant case, in order to complete the netting calculation, one 
calculation was completed to determine ifthe emission decreases at Unit 1 were creditable and 
contemporaneous, and another calculation was completed to determine the emissions increases at 
Unit 31. Id. These two numbers were then added to determine if there was a 'net emissions 
increase' of the pollutants at issue. For this calculation, LG&E chose January 2001-December 
2002 as the consecutive 24-month period for S02, and January 2000 to December 2001 as the 
consecutive 24-month period for NOx. KDAQ SOB Revision 2 at 5. The emission decreases 
were permitted in January 2005 (Revision 1 - Minor Modification). LG&E's 2004 Application 
was submitted in December 2004, and Revision 2 was issued in January 2006. EPA understands 
that construction commenced sometime between January 2006 and September 2008. Thus, the 
chosen consecutive twenty-four month periods were within the contemporaneous time period 
required by Kentucky's rules (i.e., 5 years as explained above). 


Petitioners argue that KDAQ's netting analysis was performed pursuant to NSR rules 
effective in Kentucky at the time of the analysis, but not yet SIP-approved. Petition at 17. 
Petitioners suggest that had Kentucky followed its SIP-approved rule, the netting analysis would 
have been different because it would have used "actual emission" as opposed to "baseline actual 
emissions." Kentucky's 2003 rules define "actual emissions" as "[a]ctual emissions as of a 
particular date shall equal the average rate, in tons per year, at which the unit actually emitted the 
pollutant during the two (2) year period which precedes the particular date and is representative 
of normal source operation. The cabinet may allow the use of a different time period upon a 
determination that it is more representative of normal source operation." 401 KAR 
51 :017(1)(b)(2003). Thus, KDAQ had the authority under the SIP-approved rules (or the state
effective reform rules) to use any two year period so long as it was more representative of 
normal source operation. Petitioners have not demonstrated that the two years selected by 
KDAQ were not 'more representative' or that KDAQ's analysis in choosing those two years was 
:t1awed. 


Petitioners also raise the concern that the S02 reductions used for the netting were 
required by the CAA title IV Acid Rain Program. Petition 1 at 17. To support this claim, 
Petitioners point to data indicating that S02 emissions from Unit 1 "have consistently declined 
since 1999 ... to comply with the Acid Rain Program." Petition 1 at 17. Petitioners overlook, 
however, that LG&E sought a specificjilrther reduction in emissions than was previously 
required by applicable requirements (as articulated in its title V operating permit), in order to 
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utilize the netting option for the anticipated construction of Unit 31. KDAQ SOB Revision 1 
(Minor Modification) at 1. LG&E's current title V permit also contains numerous provisions 
consistent with title IV, found in Section J (Acid Rain) of the permit. Further, consistent with 
EPA's interpretation of the federal PSD netting rules, reductions obtained through either title IV 
(Acid Rain) requirements or other programs, like the NOx SIP Call, may also be used for PSD 
netting. See, e.g., 57 Fed. Reg. 55620, 55626 (November 25 , 1992) ("Emission reductions at 
title IV boilers which are part of an approved title IV averaging group are creditable for purposes 
of banking, bubbling or netting under title I only to the extent that the emissions reductions at 
any boiler, subgroup of boilers or the entire group of boilers are surplus to their individual and 
combined title I emission limitations, enforceable, quantifiable and permanent and take place in a 
single attainment or nonattainment area"); see also Letter from Stephen Rothblatt (EPA Region 
5) to Timothy J. Method (Indiana Department of Environmental Management) at 2 (March 29, 
1994). Thus, Petitioners failed to demonstrate that the netting performed by LG&E was not 
consistent with applicable requirements. . 


EPA's Re!>ponse to Petition 2 Netting Issues27 


In Petition 2, Petitioners raise two additional concerns regarding netting. Petition 2 at 28-
29. First is the claim that LG&E did not properly document its emissions calculations associated 
with the increase in size and operation of the auxiliary boiler. Second is the claim that LG&E 
did not properly document its emissions associated with the emergency diesel generator. Id. 


The 2007 Application explains LG&E's emissions calculations associated with the 
changes made to the auxiliary boiler and the emergency diesel generator. 2007 Application at 
Chapter 3.0 and 4-1. Specifically, LG&E explains: 


Some emissions from the auxiliary boiler increased due to the 1,000 hours of 
additional operation. However, the sulfur dioxide and sulfuric acid mist 
emissions decreased due to the switch to ultra low sulfur diesel fuel oil in the new 
auxiliary boiler. The emissions from the emergency [diesel] generator also 
changed as a result of the proposed change to ultra low sulfur diesel fuel oil along 
with the proposed change in the number of hours of operation on an annual basis. 
Since the optimized design suggests that the emergency diesel fire water pump is 
not required, the emissions from this source will cause a decrease in the overall 
[potential-to-emit] summary. 


2007 Application at 3-1. Additional emissions information is provided in Appendices C and D 
to the 2007 Application. In reviewing the information provided, KDAQ adopted LG&E's 
analysis ofthe emissions impacts of the proposed changes. Petitioners argue that the application 
and the SOB do not include the specific calculations. Petition 2 at 29. However, when reviewed 
in conjunction with the 2004 Application and permitting documents (i.e., KDAQ SOB Revision 


27 In Petition 2, Petitioners note, "their continuing concerns with the insufficiency of the original 
netting demonstrations" and cite to briefs submitted during the permit appeal through the 
Kentucky administrative process. Petition 2 at 28. EPA considered Petitioners' netting concerns 
described in the Petitions and a response to those concerns are included in this Order. 
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2), all the requisite information is provided. The emissions information provided, and the 
conclusions reached, are reasonable in light of the totality of the changes. Petitioners do not 
claim that the end result was incorrect, but rather, that the application failed to contain the 
requisite information. When taken together, the 2004 and 2007 Applications provide all the 
information required by applicable regulations - and do provide specific emissions information 
for the changes described in Revision 3. 2007 Application at 3-5; see also KDAQ RTC Revision 
3 at 14. Thus, Petitioners have failed to demonstrate that the permit is not in compliance with the 
Act. 


For all the reasons discussed above, Petitioners have failed to demonstrate that KDAQ's 
analysis for LG&E's netting (including determinations regarding the creditable and 
contemporaneous nature of the emissions) did not meet a requirement under the CAA. 
Therefore, EPA is denying Petitioners' request to object to the permit for the netting concerns 
raised in both Petitions. 


4. Petitioners' Claims Regarding BACT for the Auxiliary Boiler 
(Section II.F. of Petition 1 and Sections V.bj and ii of Petition 2) 


Petitioners' Claims. In Petition 1, Petitioners state that the BACT analysis for the 
auxiliary boiler should have included consideration of low-sulfur coal, coal blend, or natural gas. 
Petition 1 at 26-27. In Petition 2, Petitioners state that a revised BACT analysis was required for 
the auxiliary boiler, including the consideration of add-on controls. Petition 2 at 34-35. 
Petitioners have two main concerns. First, Petitioners suggest that KDAQ did not undertake a 
new BACT determination for the auxiliary boiler, which increased in size and will operate 
significantly more hours tinder Revision 3, and instead relied on the Revision 2 determination. 
Petition 2 at 35. Second, Petitioners argue that a proper BACT determination for the auxiliary 
boiler must at least consider add-on controls, such as an oxidation catalyst. Petition 2 at 36. 
Petitioners identify a facility in California (the Crockett Cogeneration Facility) where 
Petitioner's believe an oxidation catalyst was used. Jd. 


EPA's Response. For the reasons discussed below, EPA is granting the Petition with 
regard to Petitioners' claims that the BACT analysis for the auxiliary boiler in Revision 3 was 
not adequate. 


In Revision 2, LG&E planned for the facility to maintain the three existing auxiliary 
boilers, and as part of the construction of Unit 31, to add a new auxiliary boiler. KDAQ SOB 
Revision 2 at 1. The new auxiliary boiler was included as part ofLG&E and KDAQ's BACT 
analyses for the construction of the new unit. KDAQ SOB Revision 2 at 23; see also 2004 
Application at Appendix I-54 - I-57. KDAQ concluded that "BACT" for the auxiliary boiler was 
represented by operational limits on the auxiliary boiler in terms of both fuel content and 
operating time. Jd.; Permit Revision 3 at 7. In its response to Petitioners' comments on this 
issue, KDAQ explained that the construction of the new auxiliary boiler was not subject to a 
major PSO/BACT analysis for NOx and S02 because of the netting for those pollutants. KDAQ 
RTC Revision 2 at 25. LG&E also articulated this point in the 2004 Application. 2004 
Application at I-54. KDAQ also explained that for this size boiler, there is only a "negligible" 
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difference in emissions for natural gas versus low-sulfur oil for the pollutants subject to BACT -
PM, VOC, and CO. KDAQ RTC Revision 2 at 25. 


In Revision 3, LG&E determined that the existing three auxiliary boilers were not 
necessary due to the revised design of the new auxiliary boiler. 2007 Application at 2-1. LG&E 
explained that the size of the auxiliary boiler would increase, as would the operating times. Jd. 
Specifically, the changes to the auxiliary boiler in Revision 3 included increasing the size from 
40 million British Thermal Units (mmBTU)/hour to 100 mmBTU/hour and the annual operating 
hours from 1,000 to 2,000 per year. KDAQ SOB Revision 3 at 2 and 13. As a result of the 
changes, LG&E conducted a revised BACT analysis for the auxiliary boiler for PM/PM IO , CO, 
VOC, and SAM. LG&E did not conduct BACT analyses for NOx or S02 due to its 
determination that LG&E netted out of BACT for the major modification project as a whole. As 
part of the Revision 3 changes, the permit was modified to require the use of ultra low-sulfur 
diesel fuel and low NOx burners (Revision 2 required use of low-sulfur fuel oil). Jd. KDAQ 
determined that these were "BACT-level" controls. Permit Revision 3 at 37; KDAQ SOB 
Revision 3 at 13. With regard to emissions resulting from the Revision 3 changes, KDAQ 
explained that emissions of all pollutants with the exception of CO, lead, and fluorides decreased 
as a result of the proposed changes. KDAQ SOB Revision 3 at 6. The SOB explains that the net 
emissions increase for CO for the Revision 3 modifications is 9.4 tpy. KDAQ SOB Revision 3 
at 5. As part ofKDAQ's Revision 3 review, "[t]he Division reevaluated BACT for the project 
revisions and [sic] determined that the BACT emission limits established in the January 2006 
permit remain unchanged." KDAQ SOB Revision 3 at 10. The SOB includes more specific 
information for the revised BACT analysis for the affected units and pollutants. KDAQ SOB 
Revision 3 at 11-15. 


In Petition 1, Petitioners raise concerns that the BACT analysis for the auxiliary boiler 
should have included consideration of low-sulfur coal, coal blend, or natural gas (as opposed to 
fuel oil). The auxiliary boiler is not burning coal ; thus, Petitioners' statements regarding coal are 
misplaced because coal would typically result in higher emissions than fuel oil (particularly the 
proposed Grade No. 2-D SIS or equivalent fuel oil). See, e.g. , AP-42 Compilation of Air 
Pollutant Emission Factors, Stationary Point and Area Sources, Fifth Edition, at Chapter 1, 
Tables 1.1-3 (coal), 1.3-1 (oil), and Appendix A-6 (heating values). Petitioners fail to provide 
any information supporting why low-sulfur coal should be part of the BACT analysis for the 
auxiliary boiler.28 Petition 1 at 26-27. As a result, Petitioners have not demonstrated that the 
BACT analysis for the auxiliary boiler was required to consider coal options. In response to 
Petitioners' comments regarding natural gas, KDAQ responded that, "[t]here is a negligible 
difference in PM, VOC, and CO emissions from a 40 mmBTU/hour boiler firing natural gas 
versus one firing oil." KDAQ RTC Revision 2 at 25. KDAQ explained the basis of the 
"negligible difference" as stemming from AP-42 emissions factors, noting that such factors do 
not take into consideration use of low-sulfur fuel and operational limits (i.e., the 1,000 hour 
annual operating limit contained in Revision 2). Jd. 


In Petition 2, Petitioners claim that the changes made as part of Revision 3 (increasing the 
size and hours of operation) required a revised BACT analysis for the auxiliary boiler. The only 


28 In addition, coal blends for the auxiliary boiler were not a part of the LG&E application. 
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PSD pollutant that was increased as a result of the Revision 3 changes was CO. In the response 
to conunents for Revision 3, KDAQ explains, "The prior BACT determination was based on a 
top down BACT analyses for carbon monoxide (CO). The proposed design and operation of the 
[auxiliary] boiler continues to constitute BACT." KDAQ RTC Revision 3 at 18. However, this 
statement is not consistent with KDAQ's response to comments on Revision 2, wherein the 
BACT analysis for CO emissions from the auxiliary boiler was specifically based on the size and 
operating hours of the auxiliary boiler. KDAQ RTC Revision 2 at 25. While EPA appreciates 
that a 100 mmBTUlhour boiler is a small industrial boiler, KDAQ's reliance on the 40 
mmBTUlhour boiler size and a limit of 1,000 annual operating hours as a basis to support the 
Revision 2 BACT analysis raises questions concerning KDAQ's reliance on the Revision 2 
BACT analysis to support the Revision 3 changes, because those changes included increases to 
both the boiler size and the operating hours. 


Thus, EPA is granting Petitioners' request with regard to the auxiliary boiler and 
requiring KDAQ to perform a revised BACT analysis for the Revision 3 changes, including the 
increase in size and operating hours. As noted earlier, KDAQ's Revision 2 BACT analysis 
indicated a "negligible" difference in the use of natural gas for certain pollutants, so whether a 
"negligible" difference would still exist in light of the Revision 3 changes should be addressed as 
part of KDAQ's revised BACT analysis. This analysis should be documented in the SOB. 
Should any changes to permit conditions be necessary following the revised analysis, a permit 
revision will be necessary to incorporate those changes. 


5. Petitioners' Claims Regarding the BACT Analysis/or Support 
Operations at the Facility 
(Section II .H. of Petition 1 - Partial Response) 


Petitioners' Claims. Petitioners allege that EPA must object to the permit because the 
limits set for "various pollutants at various facilities" are not BACT. Petition 1 at 27. For this 
proposition, Petitioners cite to 401 KAR 51:017 § 8 ("Control Technology Review"). This 
allegation is followed by a bulletedlist of three one-sentence statements alleging that (1) permit 
limits for various support facilities at the Trimble County facility are not BACT; (2) permit 
limits for fluorides (HF) are not BACT; and (3) permit limits for SAM are not BACT. Petition 1 
at 27-28. Petition 1 is not clear whether issues 2 and 3 are related to the proposed new unit or the 
support facilities listed in the first bullet (coal blending, material handling operations, ash barge 
loading, fly ash silos, backup diesel generator, and the emergency diesel fire water pump). 
Because the one-sentence introducing the bulleted list refers to "various pollutants at various 
facilities," coupled with the prior independent sections specific to the proposed new unit, EPA 
concludes that Petitioners' claims in the bulleted list all regard the support facilities listed in the 
first bullet. In an Order issued on September 10, 2008, EPA responded to all the issues except 
those relating to the backup diesel generator and the emergency diesel fire water pump because 
those support facilities were affected by Revision 3. See Order 1 at 11-12. We respond to these 
remaining issues below. 


EPA's Response. As a threshold procedural matter, these issues were not raised during 
the public comment process for this permit. Petitioners' Exhibit A. Nor do Petitioners claim that 
it was impracticable to raise such claims during the public comment period or that the grounds 
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for the claims arose after the close of the comment period. Thus, Petitioners failed to meet 
threshold requirements described in Section 505(b )(2) of the CAA, for raising these issues for 
the first time in a Petition to the Administrator. 


Although we are not required to respond to these issues in light of the procedural 
deficiencies, we nevertheless respond briefly to the substance of the issue. As part of the permit 
analysis, KDAQ undertook a BACT analysis for project emission units subject to PSD 
requirements. KDAQ SOB Revision 2 at 23-24. KDAQ SOB Revision 2 at 14. In addition, 
KDAQ's BACT analysis for the new boiler included a BACT analysis for support facilities that 
were considered "project emission units" - that is, support facilities that were subject to PSD 
review as a result of the new boiler project. KDAQ SOB Revision 2 at 23-24; see also 401 KAR 
51 :001 § 1(66) (definition of emissions unit). KDAQ determined that support facilities such as 
limestone handling, the backup diesel generator (also referred to as the "emergency generator"), 
and the emergency diesel fire water pump, were subject to BACT review. KDAQ SOB Revision 
2 at 23-24. In Revision 3 to the permit, the emergency diesel fire water pump was eliminated. 
KDAQ SOB Revision 3 at 14. Thus, issues associated with this support facility are now moot. 
With regard to the backup diesel generator, KDAQ did review the BACT analysis previously 
done for that support facility as part of its Revision 3 review. KDAQ SOB Revision 3 at 14. As 
part of Revision 3, the backup diesel generator will use ultra low sulfur diesel (or equivalent) 
fuel and the hours of operation are limited to 52 per year. KDAQ determined that these 
limitations constituted BACT for this unit. KDAQ SOB Revision 3 at 14. 


Petitioners did not raise any additional concerns about the BACT analysis for support 
facilities in Petition 2. In addition, in Petition 1, Petitioners provided no basis as to why the 
BACT analysis performed by KDAQ for the identified facilities was inconsistent with applicable 
requirements. Petitioners' conclusory allegations regarding the permit are insufficient to 
demonstrate that the permit is inconsistent with the CAA, including the requirements of the SIP. 
For the reasons discussed above, the Petition 1 is denied as to this issue. 


6. Petitioners' Claims Regarding BACT for PM 
(Section V.c. of Petition 2 and II.C. of Petition 1) 


Petitioners' Claims. Petitioners raise concerns regarding the PM/PMIO BACT analysis in 
Petitions 1 and 2 and all of these issues are being addressed in this Order. In Petition 1, 
Petitioners state that the permit fails to require BACT for both PM and PM 10 at Unit 31 by solely 
containing a BACT limit for "particulate emissions." Petition I at 18. FUl1her, Petitioners allege 
that lower PM/PM IO limits are achievable at the facility and were incorrectly eliminated as 
BACT by the applicant; Petitioners cite to limits allegedly achieved at other facilities to 
demonstrate this point. Petition 1 at 19. Petitioners state that the PMIPM IO limits for the new 
and existing cooling towers are also not BACT (including the drift elimination rate). Petition 1 
at 21. Finally, Petitioners explain specific concerns regarding the BACT analysis, such as 
claiming KDAQ performed an improper cost analysis. 


In Petition 2, Petitioners' issues are primarily related to the installation of the DESP, and 
whether a facility's decision to include additional controls after a BACT analysis is completed 
implicates the prior BACT analysis. Petition 2 at 31-33. First, Petitioners suggest that the 


32 







addition of the DESP invalidates the prior BACT analysis. Second, Petitioners explain that the 
BACT limit for PMIPMI0 should be based on both the PJFF and DESP, which together, would 
be expected to result in a decrease of PMlPM 1 0 emissions. Id. Petitioners cite to LG&E' s 
application materials to support their contentions that the combined control efficiency for PM 
will improve and thus, the previous BACT analysis did not represent the "maximum degree of 
control that is available." Petition 2 at 32. 


EPA's Response to Petition J Issues 


a. Distinction between PM and PM10 


Petitioners state that it is unclear whether the limits in the permit are set for PM or PMIO. 
PM and PM IO are regulated as separate pollutants,29 but they are very similar in terms of control 
technology, emission points, and emission rates. As a result, the BACT analyses for these 
pollutants is often similar, and there is nothing that precludes the analysis reSUlting in the same 
limit and/or BACT-level controls for each pollutant. See, e.g., Prairie State, slip op. at 3, 106-
107 (explaining aPM BACT analysis). Kentucky's SIP-approved rules at 401 KAR 51:001 
§ 1 (181) defines particulate matter but does not specify a size diameter. PM IO is separately 
defined in 401 KAR 51 :001 § 1 (186). In the permit record, KDAQ explained that "Kentucky's 
regulation is clear that PMIO is a subset of particulate matter." KDAQ RTC Revision 2 at 20. 
The SOB for Revision 2 groups PM and PM IO together under the name "particulate matter," 
which indicates Kentucky's evaluation involved both pollutants. KDAQ SOB Revision 2 at 18. 
Further, the permit sets limits for both PM and PM IO, although the same limit is used. Permit 
Revision 3 at 28 (0.018 Ibs/mmBTU (filterable and condensable) based on the average of three 
one-hour tests). Accordingly, the record indicates that KDAQ considered both pollutants 
although they were evaluated together with emissions of PM IO considered as a subset of PM. 
KDAQ RTC Revision 2 at 20. The permit includes a BACT limit for PM and PMIO - KDAQ 
and LG&E undertook the required analysis and determined that the two limits were the same, 
which is not uncommon. KDAQ SOB Revision 2 at 18-20; see also 2004 Application at Section 
3.0, Appendix I (Part 5.0 - "Particulate Emissions Control"). Petitioners have thus failed to 
demonstrate that the analysis performed by KDAQ was inconsistent with applicable 
requirements. 


b. Concerns that the PMlPMJolimits are not BACT 


Petition 1 also raises concerns with the emission limits set for PMlPMIO and suggests that 
they are not BACT, in part because several other facilities noted in Petition 1 were issued 
permits with allegedly lower PM and/or PMIO limits. As a general matter, the 2004 Application 
and the SOB explain the BACT analysis done by LG&E and KDAQ for this permit. 2004 
Application at Section 3.0, Appendix I pgs. 14-23; KDAQ SOB Revision 2 at 18-20. For Unit 
31, Section B.2(a) (Permit Revision 3 at 28) lists the PM/PMIO limits for both filterable and 
condensable. Permit Revision 3 at 28. These limits also include those imposed by federal New 
Source Performance Standards (40 CFR Part 60, Subpart Da). Jd. In addition, KDAQ 


29 PM 10 is a subset of particulate matter, i.e., it is particulate matter that is less than 10 . 
micrometers in size. 
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considered the other facilities identified by Petitioners in their comments to Kentucky during the 
Commonwealth's public comment period, and KDAQ responded to Petitioners' allegations for 
each of the facilities cited by Petitioners. KDAQ RTC Revision 2 at 21; see also 2004 
Application Appendix 1-14 (for discussion of other facility control mechanisms). KDAQ' s 
response includes a reasoned basis for distinguishing each of the cited facilities from the LG&E 
situation. ld. Specifically, KDAQ's RTC points out factual differences between LG&E and the 
facilities noted by Petitioners. In some cases, Petition 1 notes these differences, but Petitioners 
disagree with KDAQ about their impact on the analysis. Generally, however, Petition 1 raises 
the exact same claims to EPA that they raised to KDAQ during the permit process but fails to 
explain or demonstrate how KDAQ's responses were unreasonable or inconsistent with 
applicable requirements. Petition 1 at 18-22. The permit record demonstrates that KDAQ 
considered Petitioners' comments and provided a response that supports the PM/PM IO limits in 
the LG&E permit. Because Petitioners have made no claim to EPA explaining why KDAQ's 
reasoned responses to their concerns are insufficient, or how the analysis was otherwise 
inadequate, they have failed to demonstrate that the permit is not consistent with applicable 
requirements, or that there is a flaw in the permit with regard to the PM/PM 10 limits. 


c. Concerns regarding the cooling towers, PM limits, and drift 
elimination rate30 


The LG&E Trimble facility has one existing natural draft cooling tower (Unit 20) and, as 
part of the construction on Unit 31, LG&E proposed to construct a new linear mechanical draft 
cooling tower (Unit 41). KDAQ SOB Revision 2 at 1. KDAQ performed a BACT analysis 
associated with construction of Unit 31 for both the cooling towers because it was anticipated 
that Unit 20 may be used for Unit 31 until construction on Unit 41 is completed. KDAQ SOB 
Revision 2 at 23. KDAQ's BACT analysis for the cooling towers resulted in a drift elimination 
rate but not a specific PM/PMIO limit. With regarding to the cooling towers, Petitioners raise the 
following concerns: (1) the permit fails to set a PMlPMIO emission limit for Unit 41; (2) the 
proposed drift elimination rate for Unit 41 does not represent BACT; and (3) the BACT analysis 
performed by KDAQ for Unit 41 was not adequate because KDAQ failed to consider a high 
efficiency drift eliminator and the cost analysis was not correct. Petition I at 21-22. 


There is no PM/PM10 "limit" for the cooling towers identified in the permit because 
particulate matter from a cooling tower is typically controlled by drift elimination as opposed to 
add-on control technology. In the RTC, KDAQ explained that "[p]articulate matter from cooling 
towers is generated by the presence of dissolved and suspended solids in the cooling tower 
circulation water, which is potentially lost as 'drift' or moisture droplets that are suspended in the 
air [move] out of the cooling tower." KDAQ RTC Revision 2 at 27. In its 2004 Application, 
LG&E explained that through controlling drift rate, LG&E would be able to limit PM/PM10 
emissions. 2004 Application at Appendix 1-31. Accordingly, the permit does contain a limit on 
PMIPMIO emissions from the cooling towers through the application of the drift rate. 


30 Petitioners appear to raise several cooling tower related concerns - some of which pertain to 
Unit 20 and some to Unit 41, although Petition 1 is not always clear on this point. EPA has 
made a good faith, reasonable effort to identify Petitioners' issues vis-a-vis the appropriate 
cooling tower. 
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For the two cooling towers, the pennit sets a drift elimination rate (0.0005%), a 
circulating water rate, and references Kentucky rules regarding visible fugitive dust and 
particulate matter (Permit Revision 3 at 20, 48; 401 KAR 63:010). This appears consistent with 
what Petitioners requested during the permit process and is the same as the issues they raised to 
EPA in Petition 1. Petition 1 at 22. The draft permit for Revision 2 had higher drift elimination 
rates for both Units 20 and 41, set at 0.0008% and 0.001%, respectively. Draft Permit Revision 
2 at Section B (Emission Units 20 and 41). The cuuent permit has a lower drift elimination rate 
for both units - set at 0.0005% (for Unit 20, this rate only a:Rplies when servicing Unit 31). 
Permit Revision 3 at 20 (Unit 20); Permit Revision 3 at 48 . 1 With regard to that rate, KDAQ 
stated that the drift rate of 0.0005% represents the most stringent level of drift elimination 
proposed as BACT for the type of cooling tower at LG&E (a linear mechanical draft cooling 
tower). KDAQ RTC Revision 2 at 27. As the drift elimination rate contained in Revision 3 is 
consistent with that identified by Petitioners in Petition 1, this issue was thus resolved by KDAQ 
in the permitting process. 


Petitioners also raise concerns regarding the BACT analysis which resulted in the drift 
rate. KDAQ performed a BACT analysis for Unit 41, reviewed LG&E's analysis, and reached 
determinations regarding BACT limits for the cooling towers. KDAQ SOB Revision 2 at 23; 
2004 Application at Appendix 1-30 - 1-35. As part of this analysis, LG&E conducted a review of 
the RBLC Clearinghouse32, and considered drift rates from a variety of facilities in Kentucky, 
Washington, and West Virginia. 2004 Application at Appendix 1-30. LG&E then evaluated the 
alternative cooling tower systems and reached the conclusion that the drift rate of 0.0008% 
represented BACT. Id. at 1-31. LG&E concluded that this rate could be met with the linear 
mechanical draft cooling tower for Unit 41, along with a lower drift rate on Unit 20. Ultimately, 
the permit drift rate limit was set at 0.0005%. Permit Revision 3 at 48. Petitioners suggest that a 
high efficiency drift eliminator should have been considered. Petition 1 at 21-22. However, 
there is no stand-alone device called a "high efficiency drift eliminator." Rather, the cooling 
towers provide for the air containing particulate to flow through an area with items such as 
baffles (also refeued to as fill media) essentially trying to dislodge the water droplets from the 
air and allow the water to recirculate into the water flow. 2004 Application at Appendix C-5. 
The air flow can be forced with a fan, or it can occur naturally. The use of a fan seeks to 
increase the amount of dislodged droplets . Unit 41 is a linear mechanical draft cooling tower 
and thus utilizes the fan method to dislodge droplets. Because this method was adopted in the 
final permit, the final permit reflected a rate of 0.0005% rather than the 0.0008% rate in the draft 
permit. The rate adopted in the final permit is the rate which Petitioners identified as 
appropriate. Petition 1 at 22. Thus, it appears that this particular issue was resolved by KDAQ 
during the permitting process. 


31 Following the public comment period on the permit, KDAQ added requirements for LG&E to 
monitor and record monthly total dissolved solids to the permit. KDAQ RTC Revision 2 at 27. 
32 The RBLC is the reasonably available control technology (RACT), best available control 
technology rnACT), Lowest Achievable Emission Rate (1AER) Clearinghouse - commonly 
refeued to as the RBLC Clearinghouse. 
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Also with regard to the BACT analysis for Unit 41, Petitioners raise concerns about the 
cost analysis. Petitioners suggest that the cost allocation in terms of the cooling system as a 
whole versus just the "control" element was not accurate. Petition 1 at 22. Petitioners analogize 
this to considering the cost of a boiler in the BACT analysis for NOx while also considering the 
addition of an SCR. Petition 1 at 22. The cost analysis is summarized in the 2004 Application at 
1-34 - 1-35. Appendix C provides additional specifications on the cooling towers and the 
associated costs. LG&E did include cost analysis (and PM reductions) as part of the review, and 
identified an appropriate BACT limit for Units 41 and 20. Although the LG&E BACT analysis 
does not specifically address Petitioners' point, LG&E did consider dry cooling among other 
technologies. When considering dry cooling, a completely distinct type of cooling tower is at 
issue (as opposed to a wet cooling tower). 2004 Application at 1-34 - 1-35. Further, the 
technology of drift control is such that even in'cremental improvement in drift control can involve 
substantial changes in the cooling tower design. See, e.g., AP 42 Compilation of Air PoUutant 
Emission Factors, Stationary Point and Area Sources at Chapter 13.4 (discussing wet cooling 
towers and fluctuations in drift depending on design). For example, adjusting air velocity may 
result in the need for a smaller passageway. Such adjustments also trigger other issues, such as a 
possible increase or decrease in the heat transfer coefficient of the tower. Thus, the relationship 
between a cooling tower and the drift elimination technique can be distinguished from that of a 
boiler and a conventional add-on control device such as an SCR (where the boiler design does 
not directly implicate the SCR design). The BACT analysis for the cooling towers performed by 
LG&E and KDAQ considered the cost of the cooling tower as whole which Petitioners have not 
demonstrated is an unreasonable approach in this factual context. Further, as noted earlier, 
KDAQ revised the permit to include the lower drift elimination rate sought by Petitioners. As a 
result, Petitioners have not identified a flaw in the permit and the Petition is denied as to this 
Issue. 


For the reasons discussed above, Petitioners failed to demonstrate that the permit is 
inconsistent with the CAA, or Kentucky'S SIP-approved rules. Therefore, Petition 1 is denied 
with regard to the matters discussed above. 


EPA's Response to Petition 2 


In Petition 2, Petitioners' issues are primarily related to the installation of the DESP in 
Permit Revision 3, and whether a decision to include additional controls after the BACT analysis 
for Permit Revision 2 was completed implicates that prior BACT anatysis. Petition 2 at 30-33. 
First, Petitioners suggest that the addition of the DESP invalidates the prior BACT analysis. 
Second, Petitioners explain that the BACT limit for PMlPMIO should be based on both the PJFF 
and DESP, which together, Petitioners argue, would be expected to result in a decrease of 
PMlPM10 emissions. Jd. An overview of the BACT analysis process, as well as the BACT 
definition, are discussed on page 13 of this Order. As part of the Revision 2 application, LG&E 
conducted a top-down BACT analysis consistent with applicable requirements for Unit 31. 2004 
Application at Appendix 1 at 1-14-1-23. This analysis included the consideration and elimination 
of a DESP through a top-down BACT methodology. Jd., see also KDAQ SOB Revision 2 at 18-
20. Petitioners raised no concerns with the elimination of the DESP from the PM/PM 10 BACT 
analysis at that time. 


36 







With regard to Petitioners' first argument - that the BACT analysis is reopened because 
of the addition of the DESP - Petitioners cite to no support for this conclusion. In fact, there is 
nothing in the CAA or any other applicable requirement that suggests that merely because a 
company voluntarily installs a particular control device, that any prior BACT determination is 
automatically invalidated. The nature of the BACT determination is that control technology may 
in fact be eliminated through the analysis for a number of reasons including technical or 
economic infeasibility. See, e.g., 42 U.S.C. § 7479 (3); 40 CFR § 52.21(b)(12). Contrary to 
Petitioners' assertion, the BACT analysis does not require facilities to add on every possible 
control technology - but rather, to establish an emission limitation based on the maximum 
degree of reduction for each pollutant, taking into account energy, environmental, economic 
impacts, and other costS. 33 Jd. In the preamble to EPA's 1974 new source review rulemaking, 
EPA made specific changes to underscore that in the BACT analysis, the emphasis is on the 
"emissions rather than the presence of any particular control equipment." 30 Fed. Reg. 42510, 
42514 (December 5, 1974). Further, in 1979, EPA issued a Memorandum entitled, Guidance/or 
Determining BACT Under PSD, addressing this issue. Memorandum from David G. Hawkins to 
Regional Administrators, I-X, Guidance/or Determining BACT Under PSD, January 4,1979. 
Specifically, in the portion of the Memorandum discussing presentation of alternative systems 
that could achieve a higher degree of emission control, the Memorandum explains, 


[i]f no better control technology is available for an emission point, then such 
finding should be stated and supported, and no further analysis is required. Other 
equipment with similar control capabilities need not be presented (e.g., a 
baghouse versus an equivalent ESP at a particulate emitter). Unrealistic 
alternatives need not be presented such as placing in series control equipment 
which is normally used alone (e.g., an ESP followed by a baghouse). 


Id. at 6 (emphasis in original). Thus, there is no basis in the CAA or its implementing 
regulations (or Kentucky law) for the proposition that a prior BACT analysis is automatically 
invalidated by the subsequent addition of control technology for a non-PSD purpose (and where 
the addition does not trigger PSD review). 


As KDAQ explained, the DESP was added as part of Revision 3 to "ensure that saleable 
fly ash is captured prior to potential contamination due to [powdered activated carbon] injection 
for mercury control." KDAQ SOB Revision 3 at 2. Thus, the addition of the DESP has no direct 
relationship to prior BACT analysis done as part of Revision 2. See also 42 U .S.C. § 7412(b)(6) 
(specifically excluding hazardous air pollutants, including mercury, from PSD review) . In 
response to Petitioners' comment, KDAQ stated, 


Revision 3 does not involve any modification of Emission Unit 31. Therefore, 
Emission Unit 31 BACT limit for PM is not under review in this permitting 
action. The project revisions have resulted in insignificant changes to the 
project's original potential-to-emit as specified in the Statement of Basis Table 


33 BACT is distinguishable from its more stringent, nonattainment new source review 
counterpart, "lowest achievable emission rate" or LAER. See, e.g., 42 U.S.C. § 7501(3). 
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3.4. Additionally, the PSD applicability on a pollutant-by-pollutant basis and the 
associated BACT determination for new equipment remain unchanged. 


KDAQ RTC Revision 3 at 17. Because the DESP was added to control mercury emissions, the 
addition does not affect the Revision 2 BACT analysis. KDAQ noted this point in expiaining in 
the SOB for Revision 3 that, "the installation of the DESP does not affect the BACT emission 
limits for paltfculate ... or filterable particulate ... establ ]shed in the January 2006 Permit. .. for 
Emission Unit 31." KDAQ SOB Revision 3 at 12. In this case, Revision 3 was not changing a 
fundamental parameter of the BACT analysis. Rather, the Revision was including an additional 
control device for a purpose unrelated to BACT (to result in a saleable fly ash per added mercury 
controls). Further, there is no indication that the addition of the DESP is a "PSD-triggering" 
event - that is, emissions are not expected to increase as a result of the addition of a DESP, nor is 
the DESP expected to impact the facility's compliance with the previously established PMlPM IO 
BACT limit. Notably, both LG&E and KDAQ reviewed the Revision 2 BACT analysis 
following LG&E's decision to add the DESP as part of Revision 3. For the reasons discussed 
below (and in greater detail in the 2007 App]ication), the PMIPMIO limits established through the 
Revision 2 BACT analysis were not changed. Thus, in this case, Petitioners have not 
demonstrated that the BACT analysis was affected by the addition of the DESP. 


Petitioners also suggest that the PM/PM 10 limit should have been revised because the 
addition of the DESP "is likely to result in appreciably lower particulate matter emissions than a 
fabric filter alone." Petition 2 at 32. To support this daim, Petitioners make a series of 
mathematical calculations; however, as is explained below, a closer look at their analysis shows 
that Petitioners failed to take into account a number of operational characteristics of fabric filters 
and DESPs. Further, as was discussed above, the BACT limit is not intended to be the most 
stringent limit possible (that is, BACT is not the "lowest" achievable emission rate). Thus, even 
if the addition of the DESP is likely to reduce PMIPM 10 emissions, Petitioners cite to no 
authority for the suggestion that the BACT determination must be revisited or the PM/PM IO limit 
must be reduced merely because it could be reduced. In the Revision 2 application, LG&E 
explains its decision regarding PMIPM IO control devices as follows: 


While the bag life of a fabric filter baghouse in this application is uncertain, the 
use of a fabric filter baghouse instead of an ESP is selected based on the ability of 
the fabric filter baghollse to maintain emission levels independent of ash 
characteristics, to provide additional control of mercury and S03, to allow lower 
levels of absorbent/reagent lise for mercury and l-hS04 while providing greater 
control, and the fact that fabric filter baghouses have been the tec!mo].ogy of 
choice in recent permits for similar applications. 


2004 Application at Appendix 1-22. As part of the BACT analysis in Revision 2, LG&E 
considered a baghouse and ESPs, and decided upon the chosen technology based on the 
appropriate top-down analysis. In Revision 3, LG&E decided to add a DESP for the following 
reason: 


[t]he refined design determined the installation of a new dry [ESP] (DESP) for 
Unit 2 [a/k/a Unit 31] is necessary to separate fly ash out of the Unit 2 exhaust gas 
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stream prior to the potential injection of PAC. Without the additional dry ESP, 
fly ash from Unit 2 could never be sellable because of the carbon from the control 
of mercury emissions ... Also, the dry EP reduces the amount of potentially 
mercury contaminated fly ash. The dry ESP will be located between [Unit 31 's] 
SCR and fabric filter baghouse, thus allowing for the removal of sellable/usable 
fly ash if that becomes a potential alternative in the future. The addition of the 
DESP will not affect the permitted particulate emission rate of 0.018 Ib/mmBTU, 
as described in Condition 2a for Emission Unit 31 from the Final Qir Quality 
Permit issued on January 4, 2006. The addition of the DESP will also not affect 
the filterable particulate emission rate of 0.015 Ib/mmBTU, as described in 
Condition 2b for Emission Unit 31 from the Final Air Quality Permit issued on 
January 4,2006. The DESP will not change the flow or temperature as presented 
in the 2004 Application. The physical structure of the DESP and the affect of the 
incorporation of the DESP to the air pollution control technologies were reviewed 
and incorporated into the downwash for the air dispersion modeling. 


2007 Application at 2-10. In this context, the DESP is not intended to achieve a greater 
reduction of PM/PM 10, although KDAQ estimates an "insignificant coincidental benefit" is 
possible. KDAQ SOB Revision 3 at 23. The reason for this expectation is based in part on the 
operation of the fabric filter. As explained by LG&E in the 2004 Application, a fabric filter's 
efficiency for controlling particulate emissions is based upon the buildup of cake and the 
pressure associated with this buildup. 2004 Application at Appendix 1-18. "The collected 
particulate forms a cake on the bag, which can enhance the bag's filtering efficiency." Jd. With 
the addition of the dry ESP before the fabric filter, even the small reduction in particulates from 
the dry ESP may have an impact on the efficiency of the fabric filter such that the ultimate 
particulate emissions may remain unchanged. Petitioners' basic calculations in Petition 2 do not 
take into consideration the potential decrease in efficiency of the fabric filter due to the addition 


. of the dry ESP. Petition 2 at 32. Nonetheless, as was discussed earlier, the addition of the DESP 
was not a PSD-triggering event and Petitioners fail to demonstrate that a new BACT limit for 
PMIPMIO was required by applicable law. For the reasons discussed above, Petitioners have not 
demonstrated that in Revision 3, the permit fails to comply with the applicable requirements. 
Therefore, Petition 2 is denied as to the issues discussed above. 


7. Petitioners' Claims Regarding BACT for SAM, PMIPM/O, and 
Ammonia 
(Section V.e. Petition 2; Section II.G. Petition 1) 


Petitioners' Claims. Petitioners raise concerns regarding BACT for SAM in both 
Petitions. In Petition 1, Petitioners suggest that the Revision 1 Minor Modification resulted in an 
increase of SAM emissions of 7 tpy, thus triggering a BACT analysis for SAM (Petitioners also 
raise similar concerns regarding PMlPM IO at Unit 1 and ammonia emissions at Units 1 and 31). 
Petition 1 at 27. In Petition 2, Petitioners claim that the BACT analysis for SAM was not 
supported because, according to Petitioners, LG&E reviewed the RBLC and then concluded the 
BACT limit was based on a WESP; LG&E provided no supporting calculations nor did LG&E 
explain its assumptions; and that the "lowest emissions level achievable" by this facility was not 
achieved. Petition 2 at 37-38. 
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EPA's Response to Petition 1 


In Petition 1, Petitioners suggest that the minor modifications undertaken at Unit 1 to 
decrease emissions of NO x and S02 for netting purposes triggered major PSD review because of 
increases of SAM and PM/PM IO, as well as resulting in increases of ammonia at Units 1 and 31. 
Specifically, Petitioners state that the decreases of NO x and S02 caused an increase in SAM of 7 
tpy and an increase in PMIPM IO of 15 tpy. Petition 1 at 27. Petitioners provide no data or 
analysis to support these statements.34 The SOB for Revision 1 (Minor Modification) includes a 
discussion of the creditable decreases of NO x and S02 from Unit 1, as well as a BACT analysis 
for the six simp]e cycle natural gas-fired combustion turbines, which did involve significant 
emissions increases. However, the Revision 1 (Minor Modification) SOB does not indicate that 
there will be any increases in PM/PMIO or SAM as a resu'lt of the Unit I decreases in NOx and 
S02. As was discussed earlier, new control technology was not installed for the reductions - the 
reductions were achieved through increased efficiency of the existing control devices. With 
regard to the ammonia issues, ammonia is not a PSD regulated pollutant and thus, assuming 
there were increases in ammonia emissions, there is no obligation for KDAQ to consider those as 
part of the PSD review process.35 With regard to the new Unit 31, KDAQ did undertake a 
BACT analysis that involved SAM and PM/PM.IO, among other relevant pollutants. KDAQ SOB 
Revision 2 at 14; see also 2004 Application at Appendix 1. Petitioners have thus failed to present 
any information demonstrating that Units 1 or 31 are not properly permitted for SAM, PMIPM IO, 
and ammonia. 36 


EPA's Response to Petition 2 


As part of the 2004 Application, LG&E conducted a BACT analysis for SAM emissions 
associated with the new Unit 31 and other modifications. 2004 Application at Appendix 1-27 - 1-
29. The Application explains that LG&E reviewed the RBLC and considered emission limits at 
other sources in Kentucky and West Virginia. Id at 1-27. LG&E also considered various 
alternative sulfuric acid emission reduction systems. Id. Emission rates associated with the 
modifications are also discussed in the 2004 Application in Appendix G, "Potential to Emit 


34 Section 505(b) of the CAA requires that Petitioner make a demonstration that the permit is not 
in compliance with the requirements of the Act. 42 U.S.C. § 7661 d(b). A demonstration thus 
requires more than mere conclusory allegations. In the ~Matter of Al Turi Landfill, Inc., Petition 
No. II-2002-B-A (January 30, 2004); see also, In the Matter of the New York Organic Fertilizer 
Company, Petition No. 11-2002-12 at pages 7-8 (May 24,2002); In the Maller ofSirmos Division 
ofBromante Corp., Petition No. U-2002-03 at page 7 (May 24, 2002). Broad generic claims 
"lack sufficient specificity" to satisfy these criteria and will be not be reviewed. In re Steel 
Dynamics, Inc., 9 E.A.D. 165,239-240 (EAB 2000). 
35 To the extent that Petitioners were attempting to demonstrate that the increase in ammonia 
demonstrated an increase in SAM, this conclusion is not supported by the record, and Petitioners 
~rovide no documentation for such proposition. 


6 Unit 1 was permitted for construction prior to September 1978, and as a result, the emission 
limits applicable to that Unit are not the same as the ones applicable to the proposed new Unit 
31. KDAQ SOB Revision 1 (minor modification) at 2. 
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Calculations." LG&E supported its decision to evaluate sulfuric acid emission reduction 
equipment by explaining the relationship between sulfuric acid and SAM. Jd. at 1-27. As part of 
the BACT analysis, LG&E considered semi-dry scrubber systems; WESP; alkali injection 
systems; as well as SCRs and baghouses. Jd. at 1-27 - 1-29. LG&E concluded that the BACT 
limit for SAM could be achieved with the use of good combustion controls and a WESP 
downstream from the WFGD controls. Jd. at 1-29. These controls were chosen in part because 


. of their anticipated collateral reductions of PM/PM I 0 and mercury. Jd. The permit includes a 
SAM emissions limit for Unit 31 of no greater than 26.6 lbs/hr based on a three (3) hour rolling 
average. Permit Revision 3 at 29 (Section 8.2.0». The permit also includes a Compliance 
Assurance Monitoring (CAM) Approach for SAM. Permit Revision 3 at 32 (Section BA.O». 
This analysis was consistent with a top-down BACT analysis because LG&E (1) identified all 
available control technologies; (2) eliminated technically infeasible options; (3) ranked 
remaining control technologies by control effectiveness; (4) evaluated the economic, 
environmental, and energy impacts of the options; and (5) selected BACT. Prairie State, slip op. 
at 17-18. 


In Petition 2, Petitioners make additional statements regarding this BACT analysis. First, 
Petitioners state that "BACT does not ask what other plants are currently achieving, but what can 
this plant achieve for the future." Petition 2 at 36. There is nothing in the CAA or federal rules, 
or in the Kentucky rules, that requires the BACT analysis to assess the control that might be 
applied in the future. As was discussed earlier in this Order, the BACT analysis compares 
options available at the time of the permitting analysis and takes into account facility-specific 
factors to determine what is BACT. 40 CFR § 52.21(b)(12); 401 KAR 51:001 § 1(25). 
Petitioners next state that the SAM limit does not represent the "lowest emissions level 
achievable by this plant as required by the BACT regulations." Petition 2 at 38. However, the 
BACT process is not required to result in the development of the "lowest emissions level 
achievable." Petitioners appear to be intertwining the definitions of BACT and LAER. LAER, 
which is the standard used in nonattainment areas, is distinct from the BACT methodology and is 
intended to result in the lowest achievable emissions rate. LAER also does not allow the 
consideration of certain factors that are allowed under the BACT analysis. See, e.g., 40 CFR 
Part 51, Appendix S, Section II (18); see gen'lly, 44 Fed. Reg. 3,274 (January 16, 1979). LG&E 
did not evaluate LAER for this facility, nor was it required to by any applicable requirements. 
LG&E did evaluate BACT, and a summary of that review is discussed above. 


As described above, the 2004 Application contains a BACT analysis following the top
down analytical methodology. This analysis is also described and discussed in the KDAQ SOB 
for Revision 2. These documents contain far more than a "conclusion" that BACT is a limit of 
26.6 Ibslhr as Petitioners suggest (Petition 2 at 37). In terms ofthe supporting calculations, the 
2004 Application describes the specific calculations performed by LG&E to support the BACT 
conclusion. See, e.g., Appendices 1 and G. Contrary to Petitioners' suggestion, and as explained 
above, the BACT analysis performed by LG&E and KDAQ went beyond simply reviewing the 
RBLC and comparing the LG&E facility to other facilities in Kentucky and West Virginia. 
Petition 2 at 38. It also considered what could be achieved at the LG&E facility considering 
facility-specific factors. For the reasons discussed above, Petitioners have failed to demonstrate 
that the permit is inconsistent with applicable requirements. Therefore, the Petitions are denied 
as to the issues discussed above. 
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8. Petitioners' Claims Regarding Consideration of PM2.5 


(Section VI Petition 2) 


Petitioners' Claims. Petitioners raise a number of concerns regarding PM2.5. Petition 2 
at 38-46. Specifically, Petitioners argue that LG&E may not meet its obligations for PM2.5 by 
using PM IO as a sUITogate; that the LG&E permit cannot lawfully issue without quantification of 
PM2.5 emissions; that the permit failed to contain an air quality analysis for PM2.5; and that the 
permit failed to contain a BACT determination for PM2.5. 


EPA's Response. EPA grants the Petition on this issue to require further consideration of 
PM2.5. Petitioners' concerns regarding PM2.5 raise the threshold issue of whether LG&E may use 
the PM IO sUITogate approach to meet the PSD requirements for PM2S . As discussed below, the 
permit record does not provide an adequate rationale to support the use of the PM IO sUITogate 
approach for this permit. As the other concerns raised by Petitioners relate at least in part to 
whether KDAQ's use of PM 10 as a sun-ogate was appropriate, EPA directs KDAQ to address 
these claims as well. 


Petitioners make several arguments to support their view that KDAQ's use of PMIO as a 
sUITogate for PM2.5 was not appropriate. While EPA does not necessarily agree fully with all of 
Petitioners arguments, two points raised by Petitioners are particularly persuasive. First, 
Petitioners essentially argue that KDAQ's permit record does not, as a technical matter, provide 
support for the use of PMIO as a surrogate for PM2.5. See, e.g., Petition 2 at 40. Second, while 
they disagree with the use of the surrogate policy as a general matter, Petitioners emphasize that 
even the sUlTogate policy was only intended for use until technical difficulties associated with 
analysis of PM25 have been resolved. See, e.g., Petition 2 at 43-45. EPA addresses and 
elaborates on these and related difficulties with KDAQ's record on this issue below. 


Background on PM2.5 NAAQS and CAA 


EP A establishes NAAQS for ce11ain pollutants, pursuant to Section 109 of the CAA, 42 
U.S.c. § 7409. Once a NAAQS is established, the CAA sets forth a process for designating 
areas in the nation as attainment, nonattainment, or unclassifiable, thus triggering additional 
requirements consistent with the CAA and its implementing regulations. Following 
establishment of a NAAQS, EPA also promulgates implementation rules that provide specific 
details of how states must comply with the NAAQS based on the corresponding designations for 
areas within the state. Generally, the SIP is the primary means by which states comply with 
CAA requirements to attain the NAAQS. See CAA Section 110(a) and Sections 171 - 193,42 
U.S.C. § 7410(a) and §§ 7501 - 7515. 


On July 28, 1997, EPA revised the NAAQS for PM to add new standards for "fine" 
particulates, using PM2.5 as the indicator. 62 Fed. Reg. 39,852 (July 28, 1997). On October 17, . 
2006, EPA revised the NAAQS for both PM2.5 and PMIO. 71 Fed. Reg. 61,236 (October 17, 
2006). On October 23,1997, EPA issued a memorandum from John S. Seitz regarding 
implementation of the 1997 standards entitled, "Interim Implementation/or the New Source 
Review Requirements/or PM25" (Seitz Memorandum). The Seitz Memorandum explained that 
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sources would be allowed to use implementation of a PM IO program as a surrogate for meeting 
PM2.5 NSR requirements until certain technical difficulties were resolved. Seitz Memorandum at 
1. On April 5, 2005, EPA issued a second guidance memorandum from Stephen D. Page 
entitled, "Implementation of New Source Review Requirements in PM-2.5 Nonattainment Areas" 
(Page Memorandum), which re-affirmed the October 23, 1997 Memorandum. Page 
Memorandum at 1. On May 16, 2008, EPA promulgated the final rule entitled "Implementation 
of the New Source Review (NSR) Program for Particulate Matter Less than 2.5 Micrometers 
(PM2s) (May 2008 PM25 NSR Implementation Rule). 96 Fed. Reg. 28,321 (May 16,2008). In 
the preamble to that rule, EPA explained the transition to the PM2.5 NSR requirements beginning 
on page 28,340. Specifically, EPA concluded that, if a SIP-approved state is unable to 
implement a PSD program for the PM2.S NAAQS based on that rule, the state may continue to 
implement a PM 10 program as a surrogate to meet the PSD program requirements for PM25 


under the PM)o Surrogate Policy in the Seitz Memorandum?7 96 Fed. Reg. at 28,340-28,341. 


Use of PM,o as a Surrogate for PM2.5 


When EPA issued the PMIO Surrogate Policy in 1997, the Agency did not identify criteria 
to be applied before the policy could be used for satisfying the PM2.5 requirements. However, 
courts have issued a number of opinions that are properly read as limiting the use of PM IO as a 
surrogate for meeting the PSD requirements for PM2.5. Applicants and state permitting 
authorities seeking to rely on the PMIO Surrogate Policy should consider these opinions in 
determining whether PMIO serves as an adequate surrogate for meeting the PM2.5 requirements in 
the case of the specific permit application at issue. 


Courts have held that a surrogate may be used only after it has been shown to be 
reasonable to do so. See, e.g., Sierra Club v. EPA, 353 F.3d 976, 982-984 (D.C. Cir. 2004) 
(stating general principle that EPA may use a surrogate if it is "reasonable" to do so and applying 
analysis from National Lime Assoc. v. EPA, 233 F.3d 625, 637 (D.C. Cir. 2000) that is applicable 
to determining whether use of a surrogate is reasonable in setting emissions limitations for 
hazardous air pollutants under Section 112 of the Act); Mossville Envt 'I Action Now v. EPA, 370 
F. 3d 1232, 1242-43 (D.C. Cir. 2004) (EPA must explain the correlation between the surrogate 
and the represented pollutant that provides the basis for the surrogacy); Bluewater Network v. 
EPA, 370 F.3d 1, 18 (D.C. Cir. 2004) ("The Agency reasonably determined that regulating 
[hydrocarbons] would control PM pollution bothbecause HC itself contributes to such pollution, 
and because HC provides a good proxy for regulating fine PM emissions"). Though these court 
decisions do not speak directly to the use ofPMIO as a surrogate for PM25, EPA believes that the 
overarching legal principle from these decisions is that a surrogate may be used only after it has 
been shown to be reasonable (such as where the surrogate is a reasonable proxy for the pollutant 
or has a predictable correlation to the pollutant). Further, we believe that this case law governs 
the use of EPA's PM)o Surrogate Policy, and thus that the legal principle from the case law 
applies where a permit applicant or state permitting authority seeks to rely upon the PMIO 
surrogate policy in lieu of a PM2.5 analysis to obtain a PSD permit. 


37 The Seitz Memorandum is commonly referred to as EPA's 1997 Surrogate Policy. 
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With respect to PM sUlTogacy in particular, there are specific issues raised in the case law 
that bear on whether PMIO can be considered a reasonable surrogate for PM2.5. The D.C. Circuit 
has concluded that PM 10 was an arbitrary sUlTogate for a PM pollutant that is one fraction of 
PM)o where the use of PM IO as a sUlTogate for that fraction is "inherently confounded" by the 
presence of the other fraction ofPM IO . ATA v. EPA, 175 F.3d 1027, 1054 (D.C. Cir. 1999) 
(PMIO is an arbitrary indicator for coarse PM (PM IO-25) because the amount of coarse PM within 
PM lO will depend arbitrarily on the amount of fine PM (PM25». In another case, however, the 
D.C. Circuit held that the facts and circumstances in that instance provided a reasonable rationale 
for using PMlO as a surrogate for PM2.5. American Farm Bureau v. EPA, 559 F.3d 512, 534-35 
(D.C. Cir. 2009) (where record demonstrated that (1) PM2.5 tends to be higher in urban areas then 
in rural areas, and (2) evidence of health effects from coarse PM in urban areas is stronger, EPA 
reasoned that setting a single PM JO standard for both urban and rural areas would tend to require 
lower coarse PM concentrations in urban areas. The court considered the reasoning from the 
ATA case and accepted that the presence of PM25 in PM JO will cause the amount of coarse PM in 
PM lO to vary, but on the specific facts before it held that such variation was not arbitrary). EPA 
believes that these cases demonstrate the need for permit applicants and permitting authorities to 
determine whether PM 10 is a reasonable sUlTogate for PM25 under the facts and circumstances of 
the specific permit at issue, and not proceed on a general presumption that PM lO is always a 
reasonable sUlTogate for PM25 


This case law suggests that any person attempting to show that PMJO is a reasonable 
sUlTogate for PM2.5 would need to address the differences between PMJO and PM2.5. For 
example, emission controls used to capture coarse particles in some cases may be less effective 
in controlling for PM2.5. 72 Fed. Reg. 20,586, 20,617 (April 25, 2007). Petitioners made this 
specific point in noting that finer material is not as efficiently removed by baghouse as larger 
particles. Petition 2 at 40. As a further example, the particles that make up PM25 may be 
transported over long distances while coarse particles normally travel only short distances. 70 
Fed. Reg. 65,984, 65,997-98 (November 1, 2005). Under the principles in the case law, any 
person seeking to use the PM lO Surrogate Policy properly would need to consider these 
differences between PMJO and PM2.5 and demonstrate that PM JO is nonetheless an adequate 
sun-ogate for PM2.5. 


Finally, the PMlO SUlTogate Policy contains limits . As stated in the 1997 Seitz 
Memorandum, the PM JO SUlTogate Policy provided that, in view of significant technical 
difficulties that existed in 1997, EPA believed that PM JO may properly be used as a surrogate for 
PM25 in meeting NSR requirements "until these difficulties are resolved." Seitz Memorandum 
at 1. In their petition, Petitioners presented their explanation for why these technical difficulties 
have been resolved. Petition 2 at 45. While Petitioner may have overstated this point, 
subsequent to the filing of the Petition, EPA noted in the May 2008 PM2.5 NSR Implementation 
Rule that "these difficulties have largely been resolved." 73 Fed. Reg. at 28,340/2-3. 


In this case, the record for the LG&E permit does not provide an adequate rationale to 
support the use of PM IO as a sun-ogate for PM2.5 under the circumstances for this specific permit. 
Overall, the record does not show how the use of the PM JO Surrogate Policy is consistent with 
the case law discussed above in light of the differences between PM JO and PM25, and does not 
demonstrate that the use of the Policy here falls within the limits of the Policy. For these reasons 
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and based on the record now before EPA, the Petition is granted on the claim that the permit 
record does not support the use of PM 10 as a surrogate for PM2S ?8 


Going forward and without suggesting that the following two steps are necessary or 
sufficient to demonstrate that PM lO is a reasonable surrogate for PM2S, we offer the following as 
a possible approach to making that demonstration: 


First, the source or the permitting authority establishes in the permit record a strong 
statistical relationship between PMlO and PM2S emissions from the proposed unit, both with and 
without the proposed control technology in operation. Without a strong correlation, there can be 
little confidence that the statutory requirements will be met for PM2.S using the controls selected 
through a PM lO NSR analysis. A strong statistical relationship could be established in a variety 
of ways. In the case where the unit in question is a new unit, the applicant could rely on 
emissions data from similar units at the facility or at other facilities to develop a correlation thar 
demonstrates the relationship between the two species. In the alternative, if actual emissions test 
data are not available for a similar unit, the applicant may be able to access and analyze the 
underlying source test data that has been used to develop emission factors for sources of the 
same type (including the type of control equipment). In developing such correlation, a simple 
ratio of AP-42 emissions factors or of the results of a single compliance stack test would not 
appear to be sufficient. Instead, reasonable consideration would be given to whether and how 
the PM2S :PM IO ratio may vary with source operating conditions, including variations in the fuel 
rate and in control equipment condition and operation. This consideration may be based on 
engineering analysis of the facility including the proposed control technology and/or review of 
existing or new emissions test data across a range of conditions at existing sources that are 
similar in design to the proposed unit. 


Second, the source or the permitting authority demonstrates that the degree of control of 
PM2.5 by the control technology selected in the PM lO BACT analysis will be at least as effective 
as the technology that would have been selected if a BACT analysis specific to PM2.5 emissions 
had been conducted. We present here two possible paths to accomplish this. The first would be 
to perform a PM2.s-specific BACT analysis, in which case the requirement is met if the control 
technology selected through the PM lO BACT analysis is physically the same as what is selected 
through the PM2.S BACT analysis, in all respects that may affect control efficiency for PM2.5. 


The second path would be to perform a PM2s~specific BACT analysis, and show that while the 
type and/or physical design of the control technology may be different, the efficiency for PM2.5 


control of the technology selected through the PM 10 BACT analysis is equal to or better than the 
efficiency of the teclmology selected through the PM2.5 BACT analysis, across the range of 
operating conditions that can be anticipated for the source and the control equipment. · This 


38 In 2007, EPA denied a petition requesting that EPA object to the title V permit for Spurlock 
for failure to include a BACT limit for PM2.5 emissions. In re East Kentucky Power Cooperative, 
Petition No. IV -2006-4 at 41-42 (Order on Petition) (August 30, 2007). EPA found that, under 
the circumstances presented in that matter, KDAQ's use of PM,o as a surrogate for PM2.5 was 
appropriate. Id. EPA's decision in the present Order reflects the circumstances presented in this 
LG&E matter, including a more comprehensive petition, and an evolving understanding of the 
technical and legal issues associated with the use of the PMlO Surrogate Policy. 
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demonstration may be based on engineering review and/or old or new emissions test data from 
units and control equipment similar to the proposed unit with the proposed control equipment. 


Again, these two steps are not intended to be the exclusive list of possible demonstrations 
that a source or permitting authority would make to show that PMIO is a reasonable surrogate for 
PM2.5. Sources and permitting authorities are encouraged to carefully consider the case law and 
the limits of the Surrogate Policy to detennine what information and analysis would need to be 
included in the permit application and record before relying on the Surrogate Policy. 


9. Petitioners' Claims Regarding Units Used/or Expressing Emission 
Limits 
(Section VII Petition 2; also addressing where raised in 
Petition 1 - Pb, SAM, and VOC) 


Petitioners' Claims. Petitioners claim that the permit must establish enforceable 
emission rates in both units of mass per unit time as well as mass per mmBTU in order to 
demonstrate continuous compliance. Petition 2 at 46. In Petition 1, Petitioners raised this 
generally with regard to the enforceability of the limits set for lead, SAM, and VOc. Petition 1 
at 32,34, and 35. In Petition 2, Petitioners provide additional discussion in support of their 
claims regarding the units used for articulating the emission limits. In addition, in Petition 2, 
Petitioners state their position that houdy rates should have been set for PM and VOC (which 
references CO because CO is the surrogate for VOC). 


EPA's Response. Kentucky's SIP-approved regulations define "emission standard," as 
"the numerical expression of quantity per unit of time or other parameter that limits the amount 
of a regulated air pollutant that a source or emission unit is allowed to emit to the ambient air." 
401 KAR 52:001 § 1(30). The Ibs/mmBTU standard is a limit on the amount ofa pollutant that 
may enter the envirorunent. While a pounds per hour or tons per year limit, as urged by 
Petitioners, would be a "quantity per unit of time" consistent with Kentucky's SIP-approved 
regulations, Kentucky's rules also allow units to be expressed in Ibs/mmBTU by authorizing use 
of an "other parameter that limits the amount of a regulated pollutant." 401 KAR 52:001 
§ 1(30). 


With regard to the SAM emissions limit for Unit 31, the permit establishes a pounds per 
hour emission rate of26.6 based on a three hour rolling average for Unit 31. Permit Revision 3 
at 29 (Section B.2U)). The pounds per hour unit is a mass per unit time rate, and is thus 
consistent with Kentucky's SIP-approved regulations. 


With regard to the other pollutants, Petitioners have failed to demonstrate that the permit 
is inconsistent with a requirement under the Act. While Petitioners recognize that the 
Ibs/mmBTU limit can be converted into a pounds per hour limit through a calculation (Petition 1 
at 33), Petitioners raise concerns that this calculation involves the use of additional information, 
such as heat input, which is not directly regulated by the permit. Petition 2 at 46. However, this 
does not impact the ability to calculate a pounds per hour rate should one be desired - heat input 
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data is generally available from these types of facilities. 39 In support of their position, Petitioners 
cite to a Region 9 title V permit guidance (Petition 2 at 46),40 which Petitioners quote as stating, 
"[t]he title V permit must clearly include each limit and associated information from the 
underlying applicable requirement that defines the limit." Petition 2 at 46. While Petitioners 
may prefer a pounds per hour limit, the Ibs/mmBTU standard is consistent with applicable 
requirements and provides the required information. Petitioners also cite to EPA Region 4's 
comments (reprinted in relevant part in KDAQ RTC Revision 2 at 6). In those comments, 
Region 4 recommended that limits be expressed in pounds per hour, but did not indicate that 
such representation was required. EPA believes that pounds per hour emission limits present 
additional benefits for enforcement purposes, and thus, EPA recommends that permitting 
authorities utilize those types oflimits. However, the applicable requirements for the LG&E 
facility do not require that such a limit be established, and Petitioners have not demonstrated 
such limits are necessary to assure compliance. For these reasons, Petitioners have failed to 
demonstrate that the permit is inconsistent with a requirement under the Act. 


For the reasons discussed above, the Petitions are denied as to the above issues. 


10. Petitioners' Claims Regarding BA CT and Clean Fuels 
(Section VIII Petition 2) 


Petitioners' Claims. In Petition 2, Petitioners argue that the BACT analyses for SAM 
and PM failed to consider the use of "clean" fuels - such as low sulfur coal for Unit 31. Petition 
2 at 48-49. Petitioners explain that LG&E identified emissions differences associated with 
different coal blends, and none were eliminated as technically infeasible. Petitioners thus 
conclude that BACT for SAM and PM must include the consideration of low-sulfur coal and/or 
use of a coal-specific blend. Id. 


EPA's Response. As was explained earlier, the BACT analysis requires the consideration 
of fuel alternatives where the source's design is not implicated, and where such fuels have a 
reasonable expectation to result in lower emissions of the pollutants at issue. See, e.g., In re East 
Kentucky Power Cooperative, Petition No. IV -2006-4 (Order on Petition) (August 30, 2007). 
Petitioners rely on the East Kentucky Petition Order to support their claims for the LG&E 
facility. In the East Kentucky matter, the issue of low-sulfur coal was raised because the facility 
was subject to PSD review for S02, which is not the case with LG&E. There is no indication in 
the record (or in any information provided by Petitioners) that low-sulfur coal would impact 
SAM and PM emissions. Moreover, LG&E does discuss low-sulfur coal in its PM BACT 


39 Petitioners cite to the East Kentucky Power Cooperative title V petition order for support of 
the idea that a heat input limit is required in the LG&E permit. Petition 2 at 47. The East 
Kentucky matter, however, involved a permitting issue where the heat input limit was initially in 
the permit (as a requirement), and subsequently removed, thus resulting in EPA requiring it to be 
'returned' to its place in the permit. No similar situation exists here. 
40 As an initial matter, we note that the Region 9 guidance is simply guidance and does not 
establish a binding requirement. In any event, it provides no support for Petitioners' contention 
because it does not speak to the specific issue raised by Petitioners - that these limits should be 
expressed in pounds per hour. 
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analysis, and Petitioners do not demonstrate any deficiencies with that discussion. 2004 
Application at 1-15-1-16. 


Further, LG&E did include specific information about coal blends as part of its 2004 
Application. 2004 Application at Appendix I (coal blends are discussed for the pollutants 
identified by Petitioners - PM and SAM). For PM/PMIO, LG&E included coal blends as pat1 of 
its BACT analysis. /d. at Appendix 1-14. LG&E evaluated other facilities' PM/PMIQ rates and 
coal blends, as well as pointing out differences between the LG&E project and the facilities 
identified in the application. The PM/PM IO BACT analysis then evaluated different coal related 
options including low-sulfur coal and coal washing, and ultimately concluded that none of the 
different coal options was likely to result in lower PM/PMIO emissions. ld. at Appendix 1-16. 
Thus, contrary to Petitioners' claims, LG&E did consider different coal options, but they were 
subsequently eliminated through the BACT process for PM/PM IO . With regard to SAM, the 
BACT analysis does not include as detailed a coal discussion as the PM BACT analysis. ld. at 
Appendix 1-27-29. In that analysis, LG&E concludes that, "[e]ffective controls for H2S04 


include only post-combustion controls." ld. at 1-28. Petitioners provide no information 
demonstrating why this conclusion is incorrect. Further, while Petitioners generally raise the 
SAM BACT analysis as a concern, Petitioners' claims regarding SAM appear more related to 
PM BACT (i.e., that sulfur levels are related to the formation of the condensable fraction of total 
PM) than to the SAM BACT analysis. Petition 2 at 48; ld. Accordingly, Petitioners provide no 
information demonstrating that further consideration of coal blends as part of the SAM BACT 
analysis is required. 


For additional support of their claims, Petitioners cite to their Exhibit 15 (attached to 
Petition 2), a document provided to Petitioners as part of the administrative appeal on the permit. 
Exhibit 15 is a document produced by LG&E that includes performance guarantee information 
from various companies/vendors that relate to the anticipated performance of the air pollution 
control train for Unit 31, as described in the application. See Petition 2 Exhibit 15 (Cover 
Letter). There is nothing that indicates that this document was a part of the permit record before 
KDAQ at the time of Revision 2 or 3, or that it was ever provided to KDAQ. These documents 
are internal LG&E engineering documents regarding the construction of modifications at LG&E 
Trimble which Petitioners obtained as part of the permit appeal process. Petitioners interpret 
Exhibit IS as demonstrating that Coal Type B has the lowest sulfur content, and in conjunction 
with a wet ESP, would result in lower emissions of SAM than the performance coal or Test Coal 
A. Petition 2 at 28; Petition 2 Exhibit 15 at 0021862. LG&E's BACT analysis for SAM 
explains the basis for choosing good combustion controls, a wet ESP, and a WFGO as the 
controls necessary to achieve the SAM limit. 2004 Application at Appendix 1-29. LG&E 
explains that this suite of controls has additional benefits ofreducing PMIPM IO and mercury, as 
well as SAM. Further, the BACT analyses did consider coal blends (even though they were not 
a part of the application). Exhibit 15 does not demonstrate that a pat1icular coal blend is 
reasonably likely to lead to significant additional emission reductions for either PM or SAM, 
instead focusing on the suggestion that coal blends may result in lower SAM emissions. Further, 
Petitioners fail to explain why LG&E's rejection of coal blends was inconsistent with the 
applicable requirements, and thus have faited to demonstrate that the permit is not consistent 
with applicable requirements. 
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For the reasons discussed above, the Petitions are denied as to the above issues. 


C. Petitioners' Claims Regarding Enforceability of Permit Terms and 
Compliance Assurance Monitoring 
(Section III.A and B of Petition 1) 


In Section III of the Petition, Petitioners raise various concerns associated with the 
enforceability of specific permit tenns. Petition 1 at Section III (beginning on page 28). In 
Order 1, EPA responded to the vast majority of the issues raised in this section, with the 
exception of issues pertaining to PMIPM 10, mercury, and SAM because these matters were either 
affected by Revision 3 or Petitioners raised additional issues in Petition 2. In some 
circumstances, the nature of EPA's response in Order 1 did cover an issue regarding PM/PM 10, 


mercury, or SAM as raised in Section III of Petition 1. In this Order, EPA is responding to any 
remaining issues raised in Section III that were not addressed in Order 1. 


1. Petitioners' Claims that the Permit Fails to Include Compliance 
Provisions Contained in the SOB and CAM Provisions are not 
Enforceable 
(Section lILA, B, E, F, G. of Petition 1) 


Petitioners' Claims. Petitioners allege that the permit fails to incorporate compliance 
limitations and testing parameters specified in the SOB for PM/PMIO, SAM, and mercury. 
Specifically, Petitioners take issue with the fact that Table 504 in the SOB (KDAQ SOB Revision 
2 at 26-27) is not included in the permit. Petition 1 at 28_29. 41 Petitioners also state that the 
permit contains SAM monitoring, but includes it in Section BA.j. in Table 1 and appear 
concerned that this is not sufficient to establish an enforceable requirement. Petition 1 at 29. 


EPA's Response. 


a. SOB Concern 


Pursuant to federal regulations at 40 CFR § 70.7(a)(5), a permitting authority is required 
to provide "a statement that sets forth the legal and factual basis for the draft pennit conditions 
(including references to the applicable statutory or regulatory provisions)." This document, 
referred to as the statement of basis or "SOB," must be sent to EPA in support of the "proposed 
permit" and to any other person who requests it. The SOB must also be included as part of the 
permit record. However, the SOB is not a part of the permit even though it may provide 
background information, including the rationale for specific pennit conditions or background on 
the permitting authority'S interpretation of an element in the pennit. 


41 Petitioners do not specify the unit to which this comment applies, instead referring to "PC 
boiler" which could be either Unit 1 or 31. Because the Permit at issue involves construction of 
a new PC boiler (Unit 31) and does not purport to modify or establish new emission limits for 
Unit 1, EPA interprets the comment as applying to new Unit 31. 
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With regard to Petitioners' specific claims that Table 5.4 of the SOB is not included in 
the penn it, we note that the permit conditions for each emissions unit list the applicable 
requirements for PM/PM1,o, SAM, and mercury, including testing requirements . The permit 
incorporates the applicable emission limitations and testing parameters specified in the SOB, as 
well as initial and periodic stack testing, and limits, for PMlPMIO, SAM, and mercury. See, e.g., 
Revision 3 at 27-36 and 59-60 (Section D, "Source Emission Limitations and Testing 
Requirements"). For Unit 31 , in addition to "Table 1: CAM Monitoring Approach" (Permit 
Revision 3 at 32), Parts 5-7 of Section B describe in detail the various recordkeeping, reporting, 
and monitoring requirements. Revision 3 at 32-36. Table 5.4 (Revision 2 SOB) only provides 
citations to applicable regulations and summarizes the requirements of those cited regulations. 
In contrast, the permit includes all the information from Table 5.4, albeit in a narrative form that 
is broken down by specific unit. There is no requirement that the SOB be incorporated by 
reference or otherwise included in a permit; nor is there a requirement that the permit contain a 
summary table (similar to Table 5.4) of the applicable requirements. The permit at issue is much 
more specific than the SOB. Petitioners have not identified a specific parameter included in 
Table 5.4 that is not included in the permit. 


We also note that the same concern raised in the Petition to EPA was raised by 
Petitioners to KDAQ during the Commonwealth ' s public comment period. While KDAQ did 
not fully agree with aU of the concerns raised by Petitioners, KDAQ made changes to the permit 
in response to Petitioners' comments. See KDAQ RTC Revision 2 at 27-28 (explaining that 
annual performance testing for VOC and lead were added to the permit) . Petitioners do not 
explain why the changes made by KDAQ do not address the concerns they raised to the 
Commonwealth. In the Petition, Petitioners simply restate the same claims raised to the 
Commonwealth and fail to explain why KDAQ's response and subsequent changes were 
insufficient to address their concerns. The permit contains specific limits and associated testing 
requirements for PMIPM JO, SAM, and mercury and Petitioners do not specify how the included 


. d 42 terms are ma equate. 


For the above reasons, the Petitions are denied as to the issues raised above. 


General Background on CAM 


On October 22, 1997, EPA promulgated final rule revisions to implement CAM for major 
stationary sources under title V, consistent with the CAA, as amended in 1990. 62 Fed. Reg. 
54,900. This rulemaking resulted in changes to federal regulations found at 40 CFR part 64. 
These rules were intended to be implemented through the title V major source operating permit 
program. 62 Fed. Reg. at 54,901. One purpose of the rules is to ensure that permits provide a 
reasonable assurance of compliance with applicable requirements under the CAA where the 
underlying standard does not do s~ on its own. ld. at 54,900. The CAM rule specifically 


42 Petitioners also note the differences in emission limits between Units 1 and 31 . This is due 
primarily to the fact that PSD review occurred for Unit 1 in approximately 1978. Thus, even 
though Unit 1 is a PC boiler, emission limitations and control technology on Unit 1 will not be 
the same as the new Unit 31. This difference is primarily due to technological changes from 
1978 to present as well as federal and Kentucky rule changes. 
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exempts from coverage NSPS and National Emission Standards for Hazardous Air Pollutants 
proposed after the CAA was amended in 1990 (i.e., after November 15, 1990), as well as units 
subject to CAA acid rain program requirements. See 62 Fed. Reg. at 54,904 (codified at 40 CFR 
§ 64.2(b) ("Exemptions")). Additionally, the CAM rule applies only to a pollutant-specific 
emissions unit (PSEU), which is defined as a unit that: (1) is subject to an emission limitation or 
standard43 for the applicable regulated air pollutant (or a surrogate thereof); (2) uses a control 
device to achieve compliance with any such emission limitation or standard; and (3) has potential 
pre-control device emissions of the applicable regulated air pollutant that are equal to or greater 
than 100 percent of the amount, in tons per year, required for a source to be classified as a major 
source. 40 CFR § 64.2(a). 


For PSEUs to which CAM applies, the owner/operator must develop monitoring that 
meets specified criteria for selecting appropriate indicators of control performance, establishing 
ranges for those indicators, and for responding to any excursions from those ranges. 40 CFR 
§ 64.3; 62 Fed. Reg. at 54,902. The CAM rule also establishes numerous recordkeeping and 
reporting requirements to ensure compliance. 40 CFR §§ 64.4,64.9. The analysis of whether 
CAM applies at a particular unit is done on a pollutant-by-pollutant basis such that CAM may 
apply for certain pollutants at a unit but not for others. 62 Fed. Reg. at 54,922. The concept of 
the CAM approach is that compliance with an emission standard is assured through requiring 
monitoring of the operation and maintenance of the control equipment and, if applicable, 
operating conditions of the PSEU. 62 Fed. Reg. at 54,918. The CAM analysis is that "[o]nce an 
owner or operator has shown that the installed control equipment can comply with an emission 
limit, there will be a reasonable assurance of ongoing compliance with the emission limit as long 
as the emissions unit is operated under the conditions anticipated and the control equipment is 
operated and maintained properly." Id. More specific information regarding the CAM rule can 
be found in the preamble to the October 1997 rulemaking, the rules themselves (40 CFR part 64), 
and in the CAM Technical Guidance Document (August 1998), available on the EPA Web site. 


With regard to indicator parameters and the correlation between pollutants, the preamble 
to the CAM rule provides: 


The CAM approach builds on the premise that if an emissions unit is proven to be 
capable of achieving compliance as documented by a compliance or performance 


43 For CAM purposes, the term "emission limitation or standard" is defined as: 


any applicable requirement that constitutes an emission limitation, emission 
standard, standard of performance or means of emission limitation as defined 
under the Act. An emission limitation or standard may be expressed in tem1S of 
the pollutant, expressed either as a specific quantity, rate or concentration of 
emissions ... or as the relationship of uncontrolled to controlled emissions ... An 
emission limitation or standard may also be expressed either as a work practice, 
process or control device parameter, or other form of specific design, equipment, 
operational, or operation and maintenance requirement. 


40 CFR § 64.1. 
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test and is thereafter operated under the conditions anticipated and if the control 
equipment is properly operated and maintained, then there will be a reasonable 
assurance that the emissions unit will remain in compliance. In most cases, this 
relationship can be shown to exist through results from the performance testing 
without additional site-specific correlation of operational indicators with actual 
emission values. 


62 Fed. Reg. at 54,926. The preamble to the CAM rule further provides that: 


The presumptive approach for establishing indicator ranges in part 64 is to 
establish the ranges in the context of performance testing. To assure that 
conditions represented by performance testing are also generally representative of 
anticipated operating conditions, a performance test should be conducted under 
conditions specified by the applicable rule or, if not specified, generally under 
conditions representative of maximum emission potential under anticipated 
operating conditions. In addition, the rule allows for adjusting the baseline values 
recorded during a performance test to account for the inappropriateness of 
requiring that indicator conditions stay exactly the same as during a test. The use 
of operational data collected during performance testing is a key element in 
establishing indicator ranges; however, other relevant information in establishing 
indicator ranges would be engineering assessments, historical data and vendor 
data. Indicator ranges do not need to be correlated across the whole range of 
potential emissions. 


62 Fed. Reg. at 54,927. In addition, EPA has explained that established CAM parameters are 
not enforceable limits. The CAM rule preamble addressed this by pointing out that: 


The obligation to correct excursions as expeditiously as practicable is the enforceable 
component associated with establishing an indicator range under part 64. Part 64 does 
not establish that an excursion from an indicator range constitutes an independent 
violation by itself. 


Id. at 54,931; see also Id. at 54,928. Thus, CAM provides a reasonable assurance of compliance 
with emission limits and consequently, the adoption of CAM as "enhanced monitoring" meets 
the requirement of the CAA but does not convert the CAM parameters to enforceable permit 
limits. 


With regard to the LG&E facility, KDAQ determined that CAM requirements applied to 
SAM and fluorides at Unit 31. KDAQ SOB Revision 2 at 12-13. Specifically KDAQ explained, 


Pre-control emissions of S02, NOx, PM/PM IO , [SAM] and fluorides are each 
greater than 100 tpy. CAM requirements under 40 CFR 64.2(b) will be met for 
S02, NOx, and PMlPM IO, by compliance with the Acid Rain program and 
compliance with a post-November 15, 1990 NSPS standard. In accordance with 
Pal1 64, LG&E has submitted additional information on its CAM plan for [SAM] 
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and fluorides. Pursuant to 401 KAR 52:020, the plan will receive public notice to 
ensure federal enforceability. 


KDAQ SOB Revision 2 at 13. This is consistent with the requirements of 40 CFR § 64.2(b) 
which exempts units from CAM that are regulated by the CAA acid rain program or by a post
November 15, 1990 NSPS. The terms of the CAM Plan for SAM and fluorides are discussed in 
the SOB (Table 4.1 on page 13) and are also included in Revision 3 at page 32. 


b. CAM Issue in Section Ill. B. of Petition 1 


Petitioners raise the issue that CAM should also be required for other pollutants such as 
lead and total PMlPMIO. Petition 1 at 30. The only support for this statement is a parenthetical 
"the CEMS [continuous emissions monitoring system] only measures filterable" (Petition 1 at 
30), which appears to apply specifically to PM/PMIO and not lead. As was noted earlier, CAM 
requirements do not apply where Acid Rain program requirements apply. 40 CFR § 
64.2(b)(1)(iii). KDAQ explained in the SOB for Revision to that "CAM requirements under 40 
CFR § 64.2(b) will be met for S02, NOx, and PM/PM IO, by compliance with the Acid Rain 
program and compliance with a post-November 15,1990 NSPS." KDAQ SOB Revision 2 at 13. 
There are a number of compliance provisions in the permit for PM/PM IO . These are discussed in 
greater detail below, in response to Petitioners' concerns regarding the enforceability of the 
PMIPMIO limits. Furthermore, the permit requires CEMS, which provides for continuous 
measurement of emissions and thus provides a reasonable assurance of compliance. KDAQ 
SOB Revision 2 at 28. KDAQ also explained that it made some changes to the permit per 
Petitioners' comments (adding PM/PM,o testing requirements to the permit), and that KDAQ 
approved an alternative method for compliance with PMIPM IO . KDAQ RTC Revision 2 at 33. 
Petitioners have failed to demonstrate that the permit does not comply with a requirement under 
the Act, and thus, the Petitions are denied for the reasons discussed above, and those enumerated 
below with regard to PM/PM IO . 


EPA addressed the majority of the lead issues raised in Order 1 at 20-21. With regard to 
Petitioners' contention that a CAM plan was required for lead, KDAQexplained that Unit 31 is 
not a PSEU for lead. KDAQ RTC Revision 2 at 29. Petitioners provide no information 
demonstrating that KDAQ erred in reaching this conclusion. Thus, Petition 1 is denied with 
respect to lead because Petitioners have failed to demonstrate that the permit is not out of 
compliance with a requirement under the Act. 


2. Petitioners' Claims that CAM Compliance Provisions for SAM are not 
Adequate to Ensure Compliance with Permit Limits 
(Section III.E. of Petition 1) 


Petitioners' Claims. Petitioners raise four issues associated with their claim that the 
SAM limit in the permit is not enforceable: (1) that the limit should be expressed in mass per 
unit time instead of firing rates; (2) that a 30-day rolling average cannot be determined from a 3-
hour stack test; (3) that CAM cannot be used to assure compliance with BACT limits such as this 
one; and (4) S02 is not a good indicator of SAM because they are related in a complex, non
linear way. Petition 1 at 34-35. 
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EPA 's Response. With regard to the first issue about the units for the SAM emissions 
limit, contrary to Petitioners ' claim, the permit establishes an emission rate of26.6 pounds per 
hour (lbs/hr) based on a three hour rolling average for Unit 31. Permit Revision 3 at 29 (Section 
B.20)). The pounds per hour units are a mass per unit time rate. The same rate and units were 
also included in Permit Revision 2. For a broader discussion of Petitioners' concerns regarding 
how emissions are measured, we refer to our response in section 9, above. 


With regard to the remaining issues, the permit establishes a 26.6 lbs/hr limit based on a 
tlu·ee hour rolling average. Permit Revision 3 at 29 (Section B.20)). Further, in response to 
comments by Petitioners and EPA, KDAQ did make some changes to the permit to clarify the 
monitoring/compliance provisions. See KDAQ RTC Revision 2 at 7,32. The permit also 
establishes a CAM approach to provide a reasonable assurance of compliance. Permit Revision 
3 at 32. The CAM approach includes the emission limit, an association with the S02 CEMS, 
initial testing to establish the correlation between SAM and S02, continuous monitoring of S02, 
weekly coal sampling, in addition to other recordkeeping and quality assurance/quality control 
requirements. Id. The various compliance assurance mechanisms established for SAM are 
included in the permit. The issue of sUlTogate pollutants and CAM was discussed in the 
September 10,2008 Order, in Part IV. B. and is relevant here (but not repeated). The SOB 
provides relevant background information not only to support the CAM approach, but also to 
support the use of S02 as a surrogate for SAM. See KDAQ SOB Revision 2 at 21-22. In the 
SOB, KDAQ explained the relationship between SAM and S02. KDAQ did not claim or suggest 
that the relationship is linear, but at the same time, KDAQ provided a reasoned explanation for 
why S02 is an appropriate surrogate. Specifically, the SOB states that , "sulfuric acid is present 
in the flue gasses generated from combustion of coal because a fraction of the [S02] produced is 
further oxidized to sulfur trioxide (S03). S03 reacts with water in flue gas to form sulfuric acid 
vapor [i .e. , SAM]." Id. at 21. Petitioners provide no information suggesting that applicable 
requirements dictate that pollutants must be linearly related to serve as surrogates for each other. 


Finally, as was discussed earlier in this Order, EPA' s final CAM ru~e clearly allows for 
the use of appropriate surrogate pollutants and S02 is routinely used across the United States as a 
surrogate for demonstrating compliance with SAM. The applicability section of the CAM rule 
explains that part 64 applies "to a pollutant-specific emissions unit at a major source ... ifthe unit 
satisfies all of the following criteria," including that the "unit is subject to an emission limitation 
or standard for the applicable regulated air pollutant (or a surrogate thereof) ... " 40 CFR 
§ 64 .2(a)(1)(emphasis added). EPA' s preamble to the CAM rule further explains the use of 
surrogate pollutants as follows: 


The Agency also notes that the applicability provisions in part 64 include a 
"surrogate" of a regulated air pollutant to address situations in which the emission 
limitation or standard is e}\pressed in terms of a pollutant (or other surrogate) that 
is different from the regulated air pollutant that is being controlled. 


62 Fed. Reg. at 54,912. Further, CAM can apply to any limit in a permit. There is nothing in the 
CAM rule (including 40 CFR § 64.2, "Applicability") that prevents CAM from applying to a 
BACT limit, or the SAM limit to which it is applied in the LG&E permit. Petitioners fail to 


54 







explain that KDAQ's analysis was inconsistent with applicable requirements, or unreasonable 
considering the options available (i.e., no continuous emissions monitors specifically for SAM). 
For these reasons, the Petitions are denied as to these issues. 


3. Petitioners' Claims that the Unit 31 Mercury Limit is not Enforceable 
(Section HLF of Petition 1) 


Petitioners' Claims. Petitioners allege that the mercury limit set for Unit 31 is not 
enforceable because (1) the permit does not indicate whether the. megawatt hours are gross or 
net; and (2) the averaging time is ambiguous and excessively long. Petition at 35. 


EPA's Response. The permit sets a limit for mercury at 13 x 10-6 lbs/megawatt (MW) 
hour (Gross output) based on a 12-month rolling average. Permit Revision 3 at 29 (Section B.1.). 
The permit further notes that this limit ensures compliance with the CAA Section 111 New 
Source Performance Standard (NSPS) found at 40 CFR § 60.45Da. With regard to the issue of 
whether the megawatt hours are gross or net, KDAQ revised the permit in light of Petitioners' 
concerns and clarified that the megawatt hours are in fact gross output. KDAQ RTC Revision 2 
at 32; Permit Revision 3 at 29 (Section B.2.1). With regard to the averaging time, the applicable 
requirement (40 CFR § 60.45Da) establishes a 12-month rolling average as the acceptable 
averaging time. This is the averaging time included in the permit. A CEMS will be installed for 
mercury - to ensure compliance with the established emission limits. Permit Revision 3 at 29 
(Section B.4(a)). The averaging times are clearly established in the permit, as is the compliance 
mechanism, and inspectors will have access to the CEMS data and be able to assure compliance. 
KDAQ also explained this point in its response to comments. KDAQ RTC Revision 2 at 32. 
Although Petitioner's claims regarding the enforceability ofthe mercury limit are not supported, 
we note that the limit is based on the NSPS for mercury that was vacated by the court in New 
Jersey v. EPA, 517 F.3d 574 (D.C. Cir. 2008), cert. denied, 77 US.L.W. 3148 (US. Feb. 23, 
2009) (vacating Clean Air Mercury Rule). Because that rule was vacated by the Court, and as 
provided in section D, below, of this Order, we have objected to the current revision to the 
permit (Revision 4) on the basis that Kentucky is required to perform a case-by-case Section 
112(g) analysis for mercury and other hazardous air pollutants. Because Kentucky is required to 
consider mercury limits pursuant to the Section 112(g) analysis, Petitioners' claims are moot. 


4. Petitioners' Claims that the PMIPM/O Limits are not Enforceable 
(Section III.H of Petition 1) 


Background Information on Particulate Matter and CEMS 


Particulate matter (PM and PM IO) emitted from a coal-fired boiler typically includes both 
"filterable" and "condensable" PM.44 Filterable PM is directly emitted from a stack or other 
device, and it can be a solid or liquid. This type of PM can be "caught" on a filter and controlled 
by, for example, the P JFF included in the permit for LG&E. Condensable PM is formed within 
the boiler exhaust gas flow as the result of reactions, cooling, and dilution. This PM can be 


44 The PM/PM 1 0 BACT discussion earlier in this Order also provides some relevant background 
information relating to the enforceability of the PMlPMlO emission limits. 
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liquid or solid, but tends to have a diameter of less than 10 micrometers (therefore, within the 
PMlO size range). Controls for condensable PM emissions include those included in the LG&E 
permit: lime injection, WFGD, and WESP. EPA has established different reference test 
methods for evaluating emissions of filterab1le and condensable PM. The standard reference 
method for measuring filterable PM is EPA Method 5, described in 40 CFR Part 60, Appendix 
A. This method is suitable for most industrial sources, and provides a measure of the total 
amount of filterable solid particulate matter emitted from a stack at the source. EPA Methods 
201/201 A, described in 40 CFR Part 51, Appendix M, are another common method for 
measuring filterable PMlO. These methods use an in-stack cyclone that separates the PM lO from 
the total PM. If condensable PMlO emissions are also an issue, then EPA Method 202, or an 
approved variation can be applied. See 40 CFR Part 51, Appendix M (describing Method 202). 


, 
A continuous emission monitoring system or CEMS is the total equipment necessary for 


the determination of a gas or particulate matter concentration or emission rate using pollutant 
analyzer measurements and a conversion equation, graph, or computer program to produce 
results in units of the applicable emission limitation or standard. Performance Specifications are 
used for evaluating the acceptabi lity of the CEMS at the time of or soon after installation and 
whenever specified in the regulations. Quality assurance procedures in federal rules (and 
Kentucky's rules) are used to further ensure the effectiveness of quality control (QC) and quality 
assurance (QA) procedures and the quality of data produced by any CEMS that is used for 
determining compliance with the emission standards on a continuous basis as specified in the 
applicable regulation. In summary, the purpose of PM CEMS is to quantify PM emissions as 
accurately and precisely as possible to ensure compliance with the applicable PM emission 
limits. See, e.g., 69 Fed. Reg. 1,786, 1,789 (PS-il Final Action). 


To meet the objectives of the PM CEMS, EPA described performance specification (PS)-
11 for PM/PMlO. Rules regarding the use ofPS-11 and PM CEMS were first published in the 
Federal Register on April ] 9, 1996, as part of the proposed Hazardous Waste Combustion 
Maximum Available Control Technology standard. PS-l1 was published again on December 30, 
1997, for public comment on revisions made to these procedures. On January 12, 2004, EPA 
pubhshed a final rule regarding PS-l1 and PM CEMS (69 Fed. Reg. 1,786). PS-ll and 
associated QAlQC procedures ensure that PM CEMS are properly installed, operated, and 
maintained. The final PS~ 11 rules describe installation, operation, and maintenance procedures. 
EPA has also published guidance on the selection and use of PM CEMS in the PM CEMS 
Knowledge Document (available at: http://www.epa.gov/ttniemc/cemJpmcemsknowfinalrep.pdt) 
which may be revised periodically to incorporate additional guidance, example calculations, and 
other information that assists with understanding and complying with PS-ll applicable QAlQC 
procedures. 


PM Limits in the LG&E Permit 


Permit Revision 3 includes two separate particulate limits for Unit 31 (both of which 
were also included in Permit Revision 2). Permit Revision 3 at 28 (Section B.2(a) and (b». The 
first limit is specific to PM'Q, and sets a limit whereby the unit may not exceed 0.018 Ib/mmBTU 
(for filterable and condensable) of heat input based on the average of three one-hour tests. Jd. 
Compliance with this limit is determined by a CEMS and specifics regarding reporting and 
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maintaining CEMS data are included in the permit. Id. at 32-36, 59. As is described in the SOB, 
there are two primary control devices necessary for Unit 31 to comply with this PM IO limit - a 
pulse jet fabric filter (PJFF) and a wet electrostatic precipitator (WESP). KDAQ SOB Revision 
2 at 18-20. As explained by KDAQ, a PJFF is a type of bag house that uses fabric bags as filters 
to coI1ect filterable particulates. Id. at 18. The WESP is another type of particulate control 
whereby particulates are removed by charging fly ash particles. ESPs can be wet or dry; the 
LG&E facility initially was permitted with just a wet ESP but added a dry ESP as part of 
Revision 3. KDAQ SOB Revision 3 at 12. In the SOB for Revision 2, KDAQ evaluated the 
different options and determined that a WESP represented a control sufficient for LG&E Unit31 
to meet the condensable PM 10 limit. KDAQ SOB at 19-20. The PM IO limit described above is 
consistent with Kentucky rules at 401 KAR 59:016 §§ 3 and 6. 


In addition to the above-described PM IO limit, the permit also imposes a PMlPM IO limit 
specific to filterable particulate emissions that is consistent with federal new source performance 
standards (NSPS) found at 40 CFR § 60.42a(c). Permit Revision 3 at 28 (Section B.2(b)). The 
permit further requires that compliance with the PM/PM IO limit be demonstrated by data 
provided from the PM CEMS. Where the PM CEMS is not sufficient to demonstrate compliance 
with the applicable limit (i.e., for condensable PM), LG&E is required to use an applicable 
reference method. Permit Revision 3 at 59 (Section D.4). In summary, the permit sets a limit for 
both filterable and condensable PM/PMIO, and requires that compliance be demonstrated through 
use of the PM CEMS and, where CEMS are not sufficient, through applicable reference 
methods, which includes EPA Method 202 for condensable PM emissions. As a result, 
Petitioners failed to demonstrate a flaw in the permit. 


Petitioners' Claims. Petitioners allege that the PMIPM IO limits in the permit are not 
enforceable for the following reasons: (1) the PM CEMS is not a sufficient monitoring system to 
ensure "continuous" compliance because it only measures the filterable fraction of PMIPM IO ; 


annual stack tests are also not sufficient to ensure compliance; (2) the limit is not expressed in 
units of mass per unit time; (3) for Unit 1, the concern that opacity is an indicator for PM/PM 10; 
(4) for Unit 31, the limit for PMlPM IO is a "sum of filterable and condensable" particles but the 
permit does not include any monitoring to determine compliance with the limit; (5) permit sets a 
drift rate from the cooling tower but has no supporting monitoring to demonstrate compliance 
because the limit does not specify testing frequency, methods, or location. Petition 1 at 36-38. 
Except for numbers 3 and 5 above, all the issues appear to regard the new Unit 31. 


EPA's Response. With regard to issues 1 and 4 above regarding the demonstration of 
continuous compliance for both filterable and condensable PM/PM IO emissions, the permit 
establishes use of the PM CEMS as well as applicable reference methods for determining 
compliance. Petitioners state that "animal stack tests for PMIPMlO are not adequate to assure 
continuous compliance," (Petition 1 at 36) but the permit requires more than an annual stack test. 
As was explained above, the permit establishes compliance mechanisms through the use of the 
PM CEMS and other applicable reference methods (which would include Method 202). 
Petitioners are simply incorrect in stating that "there are no U.S. EPA approved alternative 
methods for measuring condensable PM/PM IO." Method 202 is such a method, and it is required 
by the permit. Thus, Petitioners have not demonstrated that the permit is not in compliance with 
the Act. 
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Issue 2 above regards the units used to express the PMlPM IO limit. This issue is 
discussed previously in this Order and will not be repeated here. Additionally, we note that the 
Kentucky SIP-approved rules establish PM/PM IO limits in terms of Ibs/mmBTU. See, e.g., 401 
KAR 59:016 § 3; see also 401 KAR 52:001 § 1(30). For this reason, as well as those discussed 
in previous sections, the PM/PMIO limits expressed in the LG&E permit are consistent with 
applicable requirements. 


Issue 3 above regards Unit 1, which is the original coal-fired boiler at the facility. As 
was noted earlier in this Order, that unit was permitted and constructed in the late 1970s, and 
thus, is not necessarily required to include all the same control technology or emission limits as 
the new Unit 31. The BACT analysis for Unit 1 is not at issue in Revisions 2 and 3 to the permit. 
At the time of construction of Unit 1, and even today depending on the circumstances, opacity 
was an acceptable indicator for PM/PM IO . See, e.g., 62 Fed. Reg. at 54,912 (CAM Rule). 
Further, Petitioners did not raise this issue in their comments to KDAQ, and provide no 
information supporting their statement about opacity and Unit 1. Petition 1 Exhibit A at 21-22. 
Thus, Petitioners have failed to meet the minimum procedural requirements in CAA section 
505(b) for this issue, and have failed to demonstrate that the permit is not in compliance with the 
Act. 


With regard to issue 5, the permit sets a drift elimination rate for Unit 41 - the new 
Linear Mechanical Draft Cooling Tower - of 0.0005% drift elimination. This is consistent with 
what the Petitioners identify in Petition 1 as BACT (Petition 1 at 18-22). Permit Revision 3 at 48 
(Section B, Emissions Unit 41). The drift rate is related to prevention of droplet loss, which in 
tum, has a relationship to PM emissions at the facility. Generally, the lower the drift rate, the 
lower the PM emissions. The permit requires an initial performance test to verify drift percent 
achieved by the drift eliminator, which is to be conducted consistent with the "Cooling 
Technology Institute CCTI) Acceptance Test Code (ATC) # 140." Id. In addition to the initial 
performance test, there is additional monitoring of the total dissolved solids in the circulating 
water on a monthly basis, which is an indicator of future drift. Id. Sections E (Source Control 
Equipment Requirements) and F (Monitoring, Record Keeping, and Reporting Requirements) of 
the permit (Permit Revision 3 at 60-61) also apply to Unit 41. Thus, Petitioners are not correct 
that the permit has "no supporting monitoring." Petition at 37. KDAQ responded to Petitioners' 
comments regarding the drift rate by adding some additional monitoring into the permit for this 
issue. In their Petition, Petitioners continue to raise concerns with the level of monitoring for the 
drift rate, but cite to no authority to explain that the permit limits are inconsistent with applicable 
requirements. Petition 1 at 37-28. Nor do Petitioners explain why KDAQ's response was 
insufficient. 


For the reasons described above, Petitioners have not demonstrated that the permit fails to 
comply with a requirement under the Act. As a result, Petition 1 is denied as to the issues raised 
regarding the PM/PM 10 limits and enforceability. 


5. Petitioners' Claims Regarding Other Conditions that are not 
Enforceable 
(Section IlL]. of Petition 1 - Bullets 5-8) 
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Petitioners' Claims. In Petition 1, Petitioners include a bulleted list of issues that they 
believe render the permit unenforceable. These include improper reliance on manufacturer 
specifications not included in the permit itself; permit does not identify test methods used to 
detennine requirements for pollutants, e.g., PMlPM IO; emissions caps on NOx and S02 are 
unenforceable due to permit's lack of explanation regarding how such emissions are calculated 
when the CEMS are not measuring NOx and S02; and failure of the pennit to ensure that the 
project's net increase in emissions of NO x and S02 continue to remain below the significance 
levels by omitting any ongoing requirements to measure emissions of NO x and S02.45 Petition 1 
at 39-4l. 


EPA 's Response. As a general matter, conclusory allegations regarding a permit or the 
pennitting authority are insufficient and will not raise an objectionable issue under section 
505(b) of the Act because such allegations generally do not demonstrate a specific flaw in the 
permit. Petitioners must make some level of demonstration and provide EPA with sufficient 
information to understand how the pennit is defective. In the Matter of Al Turi Landfill, Inc., 
Petition No. II-2002-13-A (Order on Petition) (January 30, 2004); see also, In the Matter of the 
New York Organic Fertilizer Company, Petition No. II-2002-12 at pages 7-8 (Order on Petition) 
(May 24, 2002); In the Matter ofSirmos Division ofBromante Corp., Petition No. II-2002-03 at 
page 7 (May 24, 2002). Broad generic claims "lack sufficient specificity" to satisfy these criteria 
and will be not be reviewed. In re Steel Dynamics, Inc., 9 E.A.D. at 239-240. 


With regard to the bulleted list of items on pages 39-41 of Petition 1, Petitioners cite only 
to CAA Section 504(a) but fail to explain how the permit is inconsistent with a requirement 
under the Act. Further, it is not apparent that these individual concerns were raised in comments 
to KDAQ, thus the procedural requirements in section 505(b) of the CAA do not appear to have 
been satisfied. See Petition 2 Exhibit A. To the extent that some of these issues are duplicative 
with issues raised earlier in the Petitions, we refer to the responses already provided. Below is a 
brief explanation of why each of the issues raised by Petitioners is denied. 


With regard to their claim that the manufacturer specifications for control equipment are 
not included in the permit, we note that PSD permits are preconstruction permits issued prior to 
construction of a particular unit. As a result, the manufacturers' specifications are not 
necessarily available at the time the permit is issued by the pennitting authority. While the 
permit directs the permittee to install a particular .type of control technology, the pennittee does 
not necessarily have a contract established with a specific provider at the time of pennit issuance. 
For this reason, PSD permits typically do not include the specific manufacturers' specifications. 
There is no EPA-approved regulation that requires inclusion of the manufacturers' specifications 
into the text of the penn it. The LG&E applications (2004 and 2007) do contain some 
manufacturers information for certain portions of the modification. See, e.g., 2004 Application, 
Appendices C and D. Petitioners do not identify how this infonnation should be included into 
the permit, or why that would be required. However, the permit does also require that final 
design information be provided to KDAQ and be accessible to the public. Pennit Revision 3 at 


45 These issues are issues 5-8 in the referenced section of Petition l. We responded to issues 1-4 
in the previous Order dated September 10, 2008. 
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66 (Section G. 18). Section E of the permit (Permit Revision 3 at 60) also discusses the 
permittee's obligation to comply with operation and maintenance procedures. With regard to 
this issue, the Petitioners failed to demonstrate that the permit is not in compliance with the Act. 


The issue raised regarding test methods to determine compliance for PM/PM 10 and other 
pollutants were raised previously in the Petition and responded to in those sections. This Order 
has thus already discussed what test methods are applicable to a variety of pollutants, including 
PM/PM IO . Petitioners are simply incon-ect in alleging that "the permit does not identify the test 
methods that would be used to determine compliance with regulated pollutants and coal quality 
parameters." Petition 1 at 40. In addition to Section 0 (Permit Revision 3 at 59), each section of 
the permit applicable to specific units also contains test method information. Thus, Petitioners 
failed to demonstrate that the permit is not in compliance with the Act. 


Petitioners' claims that the emissions caps for NOx and S02 are unenforceable and that 
the permit lacks ongoing requirements to measure those pollutants are incorrect. The permit 
contains numerous testing, reporting, and recordkeeping requirements for NOx and S02 
associated with many units, but specifically, Units 1 and 31 - the two coal-fired boilers. In 
addition, the permit includes specific requirements for periods when the CEMS associated with 
certain units are not operational. See, e.g., Permit Revision 3 at 31 (Section 8.2.(h) for Unit 31). 
As was previously discussed in the netting section, one requirement for netting is that the 
reductions of NO x and S02 be enforceable. In this case, the reductions were taken as lower 
permit limits in Revision 1 (Minor Modification). See KDAQ SOB Revision 1 (Minor 
Modification). Compliance with the new NOx and S02 limits is demonstrated by use of a 
continuous emissions monitor. See Permit Revision 3 at 3, "Compliance with nitrogen oxide and 
sulfur dioxide emissions." Thus, Petitioners failed to demonstrate that the permit is not in 
compliance with the Act. The issues regarding netting were also addressed in detail earlier in 
this Order. 


For the above reasons, Petition 1 is denied as to these issues. 


D. Petitioners' Claims Regarding the Maximum Achievable Control Technology 
Determination 


Petitioners' Claims. Petitioners allege that the permit lacks a maximum achievable 
control technology (MACT) determination for mercury and other HAP for the Unit 31 
construction. Petition 2 at 16-27. Petitioners explain their understanding of why the case-by
case MACT requirements described in CAA Section 112(g) apply to the Unit 31 construction. 
Petitioners also suggest that to the extent that a 112(g) determination was done, KDAQ did not 
follow the proper procedures for undeltaking a 112(g) detelmination and that the analysis is 
procedurally and substantively flawed. In general, they claim that KDAQ misapplied the 2-step 
112(g) process by failing to properly establish a MACT £1oor and failing to properly undertake a 
beyond-the-£1oor analysis. 


EPA's Response. On June 5,2009, EPA issued a letter objecting to the most recent 
permit revision for LG&E on the basis that KDAQ must undertake a Section 112(g) analysis for 
all hazardous air pollutants with respect to Unit 31 in order to comply with all applicable CAA 
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requirements. See also 40 CFR § 70.5(a)(1 )(ii). The legal basis of the objection is explained 
briefly in the letter, and is also summarized below. Because of EPA's objection, EPA is denying 
the Petition as moot on this issue. 


On January 7, 2009, EPA issued a Memorandum entitled, "Application ofCAA Section 
112(g) to Coal- and Oil-Fired Electric Utility Steam Generating Units that Began Actual 
Construction or Reconstruction Between March 29, 2005 and March 14, 2008." In that 
Memorandum, EPA explained that coal- and oil-fired electric utility steam generating units 
(EGU's) remain on the Section II2(c) list and therefore are subject to Section I 12(g). In 
addition, the Memorandum addresses the applicability of Section 112(g) to EGUs that are major 
sources and that began actual construction or reconstruction between the March 29, 2005 
promulgation of the 112(n) Revision Rule (removing EGUs from the CAA Section 112(c) list) 
and the March 14,2008 vacatur of that rule, and concludes that those EGUs are required to 
comply with Section I 12(g). LG&E began actual construction of Unit 31 between March 29, 
2005 and March 14, 2008, and for that reason, EPA objected to the most recent permit revision 
for LG&E. 


V. CONCLUSION 


For the reasons set forth above, and pursuant to Section 505(b) of the CAA and 40 CFR 
§ 70.8(d), I hereby grant in part and deny in part the issues in the Petitions submitted on March 2, 
2006, and April 29, 2008, and which were not previously addressed in the Order dated 
September 10, 2008. 


Dated I 
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c 
Lisa P. Jackson 
Administrator 
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INTRODUCTION 
 


The Clean Air Act’s Prevention of Significant Deterioration (PSD) program was 


designed to do just what the name suggests: prevent air quality degradation and so protect 


human health and welfare.  In order to anticipate increases in air pollution, power plant 


operators must perform detailed projections of their future emissions before they modify 


their facilities.  Just as drug manufacturers must test their products to determine whether 


they are safe before putting them on the market, power plant operators must assess their 


projects to establish whether proposed modifications “would result” in increased 


pollution before they begin construction.  EPA’s implementing regulations detail the 


projection process.  Where that projection indicates an operator’s modification of its 


facility would result in increased emissions, the facility must obtain a permit setting 


emissions limitations for future operation of the modified plant.   


Between 2003 and 2006, Oklahoma Gas & Electric Co. (OG&E) implemented a 


suite of extensive renovation projects at its Sooner and Muskogee electric generating 


facilities.  But OG&E did not perform the required emissions projections to assess 


whether these upgrades would lead to a significant increase in pollution before it began 


construction.  Instead, the Company proposed a “plan of action” whereby it would 


temporarily constrain its emissions for a short while after its projects were completed.  


OG&E said its action plan sufficed for compliance, but in fact it is a roadmap for evasion.  


OG&E’s proposal seeks to install a loophole that runs contrary to the statute, the 


regulations, and EPA’s longstanding interpretation of its own rules.  Where the Clean Air 


Act mandates enforceable protections for public health and welfare, OG&E offers 
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unenforceable promises.  Where the Act requires the prevention of pollution increases, 


OG&E offers mere delay.   


Most importantly for this action, OG&E insists that its proposed plan immunizes it 


from protective or preventative enforcement actions under the Clean Air Act.  


Notwithstanding its express purpose and language, OG&E insists the PSD program is, in 


effect, a “wait-and-see” program, and an enforcement action will not be ripe unless and 


until the Company deviates from its plan to keep its emissions below regulatory 


“significance” levels.  But nothing in the Act or the regulations requires the United States 


to wait for OG&E to harm public health before bringing an enforcement action, just as 


nothing would require the United States to stand idly by as a pharmaceutical company 


sold an untested drug.  Pursuant to 28 U.S.C. § 2201 and Fed. R. Civ. P. 57, the United 


States requests a declaration of law as to this critical, threshold issue.  The parties have 


reached an impasse as to the fundamental operation of the governing law—and, indeed, 


whether judicial enforcement may even be available.  The United States believes a 


speedy resolution of this point would best serve judicial efficiency, protect the public 


fisc, and promote a resolution in this case.    


BACKGROUND 
 
 The Parties have an immediate and concrete dispute as to the operation of PSD 


regulations.  The PSD rules state that an operator must evaluate its future emissions 


before modifying its facilities; if an operator expects to increase air pollution by more 


than a certain amount, it must get a permit and employ pollution control techniques 


before any excess pollution harms the public.  OG&E has claimed in letters to state 
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regulators that an unenforceable, temporary plan to limit emissions to just below PSD 


triggering levels constitutes compliance with the rules.  It does not.  The United States 


thus respectfully requests that this Court declare OG&E’s “proposed plan of action for 


compliance” insufficient as a matter of law to comply with PSD’s preconstruction 


emissions projection requirements, and direct the Company to submit proper projections 


for its upgrades to regulatory authorities for review and for all necessary permits. 


I.  Congress’ PSD Program 


Congress enacted the CAA “to protect and enhance the quality of the Nation’s air 


resources so as to promote the public health and welfare and the productive capacity of 


its population.”  42 U.S.C. § 7401(b)(1).  In 1977, Congress added the New Source 


Review (NSR) Program—which includes the PSD provisions—after earlier programs 


failed to achieve the Clean Air Act’s statutory goals.  Envtl. Def. v. Duke Energy Corp., 


549 U.S. 561, 567–68 (2007).   PSD aims to “protect the public health and welfare from 


any actual or potential adverse effect” that might result from air pollution—even in 


places where national air quality standards are met.  42 U.S.C. § 7470(1).1 


Under the program, new sources of air pollution must obtain permits and operate 


state-of-the-art pollution controls—“best available control technology” or “BACT” in 


CAA parlance—in order to meet emissions limitations.  42 U.S.C. §§ 7475(a)(1), (4), 


7479(3).  To ease the initial burden of complying with PSD, Congress “grandfathered” 


                                                 
1  See also Stat. of Rep. Rogers, Clean Air Conf. Rep. (1977), 123 CONG. REC. 


27,070 (1977) (“First, and foremost, protection of the public health remains the 
paramount purpose and value under the Act . . . [T]he overriding commitment of the 1977 
Act (just as the 1970 legislation) is to the protection of public health.”)  
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existing sources from the program.  However, existing sources have to come up to 


modern air pollution emissions standards if they make “modifications” to their facilities.  


42 U.S.C. §§ 7479(2)(C), 7411(a)(4); New York v. EPA, 413 F.3d 3, 13 (D.C. Cir. 2005).   


As crafted by Congress, the PSD Program is a preconstruction review and 


permitting program.  An operator must determine whether PSD requirements apply to a 


given project before it begins that project; the statute specifically bars construction or 


modification of a facility “unless . . . a permit has been issued,” 42 U.S.C. § 7475(a)(1).  


Such permits require a number of “preconditions.”  Alaska Dept. Env. Consv. v. EPA, 540 


U.S. 461, 472 (2004).   For example, operators must demonstrate prior to construction 


“that emissions from construction or operation of such facility will not cause, or 


contribute to, air pollution in excess” of various air quality standards.  Id. § 7475(a)(3) 


(emphasis added).  The operator must also analyze the “air quality impacts projected for 


the area as a result of growth associated with [the] facility.” Id. § 7475(a)(6) (emphasis 


added).  Thus, the statute makes it “abundantly clear that PSD applicability is to be 


determined prior to the commencement of a project.”  United States v. Ohio Edison Co., 


276 F. Supp. 2d 829, 881 (S.D. Ohio 2003). 


Of course, Congress authorized EPA to bring enforcement actions wherever 


sources have violated or are in violation of the Clean Air Act’s requirements.  See 42 


U.S.C. § 7413.  But Congress also backed up PSD’s pollution-prevention directive with 


enforcement provisions that allow EPA, state agencies, and citizen groups to bring 


enforcement actions against operators before construction begins and before pollution 


increases occur and affect public air resources.  42 U.S.C. §§ 7477, 7604(a)(3); United 
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States v. Xcel Energy Inc., 759 F. Supp. 2d 1106, 1113 (D. Minn. 2010) (The CAA 


“clearly accords EPA the authority to investigate, and then to prevent through appropriate 


legal remedies, violations committed before construction commences.”).    


II.   PSD Regulations 


Under the Clean Air Act’s cooperative federalism design, PSD implementing rules 


are developed by states pursuant to the minimum federal requirements crafted by EPA.  


These “state implementation plans” or “SIPs” are subject to EPA approval; once 


approved they are federally enforceable.  42 U.S.C. §§ 7413(a), (b). 


EPA first promulgated PSD regulations in 1980.2  Oklahoma’s SIP was modeled 


after EPA’s 1980 PSD rules, and it has not been substantively updated since.3  EPA has 


since clarified and revised its PSD rules in 19924 and in 2002,5 but the pertinent parts of 


the PSD rules have never changed: as the first step in assuring public health is adequately 


protected, an operator must either (a) perform a detailed projection of future emissions to 


determine whether a modification “would result in” a significant emissions increase,6 or 


(b) accept a legally and practicably enforceable limit on future operations.7   


                                                 
2  45 Fed. Reg. 52,676 (Aug. 7, 1980). 
3  See OAPCR § 1.4.4 (Okla’s PSD SIP); 48 Fed. Reg. 38,635 (Aug. 25, 1983) 


(EPA’s approval of the Okla SIP); 40 C.F.R. § 52.1960 (cataloging EPA actions taken in 
regards to Oklahoma’s SIP). 


4  57 Fed. Reg. 32,314 (July 21, 1992). 
5  67 Fed. Reg. 80,186 (Dec. 31, 2002).   
6  Compare 40 C.F.R. § 52.21(b)(2)(i) (2012) with 45 Fed. Reg. at 52,735 (1980 


promulgation of 40 C.F.R. § 52.21(b)(2)(i)). 
7  Compare, e.g., 40 C.F.R. § 52.21(b)(3)(vi)(b) (2012) with 45 Fed. Reg. at 52,736 


(1980 promulgation of 40 C.F.R. § 52.21(b)(3)(vi)(b)). 
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A.  Emissions Projections 


True to Congress’ “[p]reconstruction requirements,” 42 U.S.C. § 7475, the PSD 


rules require operators of air pollution sources to determine whether proposed 


construction work constitutes a “major modification” before beginning construction.  


Oklahoma Air Pollution Control Regulations (OAPCR) § 1.4.1(c)(1); 40 C.F.R. 


§ 52.21(r)(1) (1984).  A “major modification” is in turn defined as a physical or 


operational change that “would result” in a significant emissions increase.  OAPCR 


§ 1.4.4(b)(2)(A) (1997) (emphasis added); 40 C.F.R. § 52.21(b)(2)(i) (1984) (same).   


Determining whether a construction project “would result” in an emissions 


increase requires a detailed analysis.  As EPA explained in the early 1990’s, a power 


plant operator should make that assessment by comparing “representative actual 


emissions for the baseline period [prior to a planned modification] to estimated future 


actual emissions [after the modification] based on all the available facts in the record.”  


EPA Guidance Document, Letter from William Rosenberg, EPA, to John Boston, 


WEPCO (June 9, 1990) (“WEPCo Remand Letter”) (Ex. 1) at 7–8.8  The projection 


should attend to a number of factors, and should be calculated by multiplying: 


                                                 
8  In Wisconsin Electric Power Company v. Reilly (“WEPCo”), 893 F.2d 901, the 


Seventh Circuit rejected EPA’s attempt to use an “actual-to-potential” test to determine 
expected post-modification emissions at a utility.  Such a test requires a utility to assume 
that it will operate at full capacity following a modification. The WEPCo Remand Letter, 
issued in response to the Seventh Circuit’s criticisms, outlined an electric utility’s 
preconstruction projection process under a more realistic actual-to-projected-actual test.  
This methodology was further clarified when EPA promulgated the 1992 Rules.  See, 
e.g., 56 Fed. Reg. 27630, 27633 (June 14, 1991); 57 Fed. Reg. at 32,335–36 (codified at 
40 C.F.R. § 52.21(b)(33) (1993) (defining “representative actual emissions”)).   
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(1) The hourly emissions rate, which is based on the unit’s physical and 
operational capabilities following the change and . . . enforceable 
operational restrictions that would affect the hourly emissions rate 
following this change; and (2) projected capacity utilization, which is based 
on (a) the unit’s historical annual utilization, and (b) all available 
information regarding the unit’s likely post-change capacity utilization. 


 
57 Fed. Reg. at 32,323; see also United States v. Duke Energy Corp., 2010 WL 3023517, 


at *5- *6 (M.D.N.C. July 28, 2010) (requiring a reasonable projection based on a broad 


range of data); Ohio Edison, 276 F. Supp. 2d at 865–66 (outlining projection 


methodology), at 875 (rejecting defendant’s argument that post-project emissions data 


determines PSD liability), & at 889–90 (requiring preconstruction projections).  This 


future projection should be performed for a period of years post-project which is 


“representative of normal source operations.”  Id.  For an electric utility, “‘normal’ 


operations means directly responding to demand for electricity.”  Id. at 32,325.9   


 Ultimately, “what is required for determining whether a construction permit must 


be sought for a planned physical change in the plant is not prescience, but merely a 


reasonable estimate of the amount of additional emissions that the change will cause.”  


United States v. Cinergy Corp., 458 F.3d 705, 709 (7th Cir. 2006).  But this 


preconstruction projection process informs what steps must be taken to protect the public 


health, so if an operator makes “no projection, or the projection is made in contravention 


of the regulations guiding how the projection is to be made, then the system is not 


                                                 
9  EPA’s subsequent 2002 rules are not applicable here because they have not been 


incorporated into Oklahoma’s SIP; but neither did they change anything about this 
projection requirement for utilities.  See 40 C.F.R. § 52.21(b)(41)(i), (ii) (2012) (defining 
“projected actual emissions” and outlining projection process); accord 67 Fed. Reg. at 
80,192 (2002 Rules make only “minor changes” to regulations for electric utilities). 
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working.”  United States v. DTE Energy Co., 711 F.3d 643, 649 (6th Cir. 2013).  Thus, 


EPA “must” be allowed to “ensur[e] that operators follow the requirements in making 


[emissions] projections.”  Id. at 650 (emphasis added); see also 42 U.S.C. §§ 7413, 7477.  


Operators that fail to evaluate the impact of their projects according to PSD’s 


requirements are “subject to an enforcement proceeding.”  DTE, 711 F.3d at 649.  


B.   Emissions Management Options 


EPA has crafted a variety of regulatory options that allow operators to “manage” 


their emissions to below PSD-triggering levels rather than assessing the effect a 


modification will have on a facility’s future emissions.  However, since “EPA cannot 


reasonably rely on a utility’s own unenforceable estimates of its annual emissions,” 


WEPCo, 893 F.2d at 917–18, operators that elect to simply manage their emissions must 


use one of these regulatory options, which provide additional assurances that their future 


operations will not harm the public health by significantly increasing pollution.   


One of the most common ways source operators avoid “major modification” 


requirements is by getting a so-called “synthetic minor” permit.  With a synthetic minor 


permit, an operator is allowed to avoid PSD review and BACT obligations if it adopts a 


legally and practicably enforceable emissions limits at or below the significance 


threshold for each pollutant.  The permit makes the reduced emissions limits enforceable 


and measures compliance with those limits against specific, verifiable parameters.  


Importantly, the emissions limits would then apply in perpetuity.  See United States v. 


Marine Shale Processors, 81 F.3d 1329, 1352, 1357 (5th Cir. 1996) (explaining concept 


of “synthetic minor” sources, and noting that a source “could avoid preconstruction 
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review as a synthetic minor source” if it agreed to enforceable operating restrictions); see 


also United States v. Cinergy Corp., No. 1:99-CV-1693-LJM-JMS, 2009 WL 94515, at 


*2 (S.D. Ind. Jan. 7, 2009) (“Had Cinergy sought pre-project synthetic minor permits . . . 


it would have been subject to an emissions cap”).  


Similarly, operators may seek to “zero out” future emissions increases with 


contemporaneous emissions decreases.  But here again, the operator can only get credit 


for the future decreases in pollution—and so avoid PSD review and BACT obligations—


where those reductions have been reduced to an enforceable requirement before 


construction.  See OAPCR § 1.4.4(b)(3)(F) & 40 C.F.R. § 52.21(b)(3)(vi)(b) (1984) (“A 


decrease in actual emissions is creditable [in the emissions calculation] only to the extent 


that . . . [i]t is federally enforceable at and after the time that actual construction on the 


particular change begins”); accord Natl. Mining Ass’n v. EPA, 59 F.3d 1351, 1362 (D.C. 


Cir. 1995) (noting that federally enforceable controls do not include “operational 


restrictions that an owner might voluntarily adopt”).10   


The requirement of readily-enforceable, do-not-exceed emissions limits like those 


involved in these alternative options is a sensible trade where operators opt out of the 


preconstruction analysis requirements in favor of an emissions management plan.  


Without such a limit, EPA could not immediately enforce PSD violations where an 


operator failed to properly manage its emissions.  Rather, EPA would have to prove in 
                                                 


10  EPA’s 2002 Rules include the “plantwide applicability limitations” provisions, 
whcih provide still another alternative to traditional preconstruction assessments, but 
which similarly require sources adopt emissions limits and various operational and 
reporting measures so compliance can be readily verified and violations can be readily 
enforced. See 40 C.F.R. § 52.21(aa); 67 Fed. Reg. at 80,208; New York, 413 F.3d at 36. 
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court that a power plant operator should have anticipated the emissions increase under the 


projection regulations—precisely the same analysis that the operator elected to avoid 


before beginning construction11— or EPA would have to establish that the post-project 


emissions increases were causally related to the already-finished modification.  Thus, 


under EPA’s longstanding implementation of Congress’ forward-looking pollution 


prevention program, if an operator elects not to provide a detailed analysis of its future 


emissions in accordance with the regulations, it must provide a legally and practicably 


enforceable assurance that its operations will not result in illegal pollution.  Any other 


approach, and air pollution sources could offload their forward-looking obligations and 


delay compliance without cost or consequence.    


III. OG&E’s “Compliance Plan”12 


1. From 2003 to 2006, OG&E undertook a suite of renovation work across the 


company’s Sooner and Muskogee facilities.  The work ultimately cost more than $80 


million.  See, e.g., Letter from D. Pollock re: Coal Plant Upgrade Status [1846] (March 


12, 2007) (Ex. 2).   


2. This work included replacing the units’ economizers which are major 


components in the units’ boilers, upgrading their high pressure and intermediate pressure 


                                                 
11   Accord Wild Earth Guardians v. Lamar Util. Bd., No. 1:09-cv-02974, 2013 WL 


1164324 at *6–*8 (D. Colo. Mar. 21, 2013) (holding utility was a “major source” for 
purposes of certain CAA regulations from the time it projected major-source levels of 
emissions until the time it obtained a synthetic minor source permit, even though it had 
never actually emitted major-source levels of pollution in the interim).   


12  As this motion presents a purely legal question, it does not set forth a statement of 
“undisputed facts” necessary for judicial decision.  However, this section provides the 
factual history giving rise to the present dispute. 
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(HP/IP) turbine sections, replacing their low pressure (LP) turbine blades, and expanding 


the heating surface area of their boilers’ reheaters and superheaters.  Id.; see also OG&E 


Project Reports (Exs. 3-A–3-H) (OG&E’s submittals regarding the projects described in 


the United States’ complaint, ECF No. 1, ¶¶ 42.a – 42.h). 


3. In the days before beginning construction on each of these projects—or, 


sometimes, after a project had already begun—OG&E sent a letter to the Oklahoma 


Department of Environmental Quality (ODEQ) notifying the agency of the work to be 


done.  The letters also transmitted reports, which purported to contain OG&E’s project 


evaluations under various CAA programs. See OG&E Project Reports (Exs. 3-A – 3-H).  


4. These Project Reports are, for the purposes of this brief, substantively 


identical.  After a short description of the proposed project, each report declares: “This 


document determines potential emissions impacts for the proposed project, the potential 


applicability to . . . New Source Review (NSR), and sets forth OG&E’s proposed plan of 


action for compliance.”  E.g. 2006 Sooner 2 Project Report (Ex. 3-H) at 1.13   


5. In a section called “Emissions Impact of the Project,” each Report then sets 


forth a “projection” of future emissions.  Specifically, OG&E describes its calculation of 


its historic or “baseline” emissions levels from previous years of emissions data, and then 


calculates what it calls “the allowable increase in emissions that would not be subject to 


PSD requirements” by adding the regulatory significance threshold to the baseline 


emissions and subtracting 0.1.  For example, if a unit’s SO2 emissions during the baseline 


period was 10,000.0 tons per year (tpy), then, since the regulations deem a 40-ton 


                                                 
13  Pin cites to Project Report pages refer to the report’s internal pagination. 
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emissions increase “significant,” OG&E would have concluded 10,039.9 tpy to be an 


“allowable increase in emissions” in the years following the project.  Each report then 


collects those calculations in a table under the heading “Projected Future Actual (tpy)”:   


 


2005 Muskogee 5 Project Report (Ex. 3-F) at 5.     


6. Nowhere in the Project Reports does OG&E discuss enforceable 


restrictions on its hourly emissions rates, projected capacity utilization based on historical 


or future capacity utilization, or anticipated levels of business operations; nor does the 


Company describe how the projects would affect emissions during normal operations.   


7. Each report concludes with the following:  


PROPOSAL 
 


OG&E proposes to limit emissions . . . on [the Unit] after the [project] such 
that the emission increase will not exceed the PSD significant threshold 
increase level.  OG&E will maintain and submit to ODEQ on a calendar 
year basis for a period of five years starting with the first full calendar year 
after the date the unit resume regular operation, information demonstrating 
the [project] did not result in an emissions increase.   


 
E.g., 2006 Sooner 2 Project Report (Ex. 3-H) at 6.  
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JURISDICTION 
 


An action for declaratory judgment may be brought in any case “of actual 


controversy” and a court “may declare the rights and other legal relations of any 


interested party seeking such declaration, whether or not further relief is or could be 


sought.”  28 U.S.C. § 2201(a).  The instant case presents a definite and concrete dispute 


which affects the parties’ adverse legal interests and warrants declaratory relief—


essentially, whether administrative or judicial review is available under certain PSD 


regulations.  Cf. MedImmune, Inc. v. Genentech, Inc., 549 U.S. 118, 127 (2007) (equating 


the “actual controversy” requirement with the Constitution’s case-or-controversy 


requirement).  This Court should hear this declaratory judgment action because it 


concerns a question of federal law, and there is no more expedient or efficient alternative 


available to aid the resolution of the instant dispute.   Accord State Farm Fire & Cas. Co. 


v. Mhoon 31 F.3d 979, 983 (10th Cir.1994) (setting forth factors for consideration); 


United States v. City of Las Cruces, 289 F.3d 1170, 1184 (10th Cir. 2002) (noting 


uncertainty as to whether courts may decline to hear declaratory judgment actions when 


they present questions of federal law).   


STANDARD OF REVIEW 
 


 “[I]n enacting the NSR program, ‘Congress sought to accommodate the conflict 


between the economic interest in permitting capital improvements to continue and the 


environmental interest in improving air quality,’ and delegated the responsibility of 


balancing those interests to EPA.”  New York, 413 F.3d at 23 (emphasis added) (quoting 


Chevron U.S.A., Inc. v. NRDC, 467 U.S. 837, 851 & 865 (1984)).  If there is ambiguity in 
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the language of the CAA, a court should defer to EPA’s permissible construction as 


expressed in EPA’s regulations.  Chevron, 467 U.S. at 844.  When examining EPA’s 


regulations, the Agency’s interpretation of its own rules is entitled to even further 


deference: it is considered “controlling” as long as it is not “plainly erroneous or 


inconsistent” with the regulatory language.  Auer v. Robbins, 519 U.S. 452, 461 (1997) 


(internal citations omitted); Qwest Corp. v. Colo. Pub. Util. Comm’n, 656 F.3d 1093, 


1098 (10th Cir. 2011).  Indeed, “[i]t is well established that an agency’s interpretation 


need not be the only possible reading of a regulation—or even the best one—to prevail.”  


Decker v. NW Evntl. Def. Center, 133 S. Ct. 1326, 1337 (2013). 


ARGUMENT 


In its submittals to state regulators, OG&E claimed its unenforceable plan to 


manage its emissions for a short while satisfied its PSD obligations.  By equating its 


voluntary—and temporary—emissions management scheme with “compliance,” OG&E 


insists that no NSR enforcement action can be ripe unless and until the company fails in 


its own unenforceable plan and emissions actually do increase as a result of its extensive 


renovation work.  But as the statute, the regulations, and more than three decades of 


implementation and case law attest, the PSD program requires that sources take steps to 


protect public health before modifying facilities by assessing future pollution levels, 


undergoing review, and, where necessary, employing pollution control techniques to 


maintain emissions limitations.  This process aims to prevent degradations to air quality.  


See, e.g., 42 U.S.C. § 7470.  Thus, PSD applicability necessarily hinges on pre-


construction estimates of a project’s effect on future emissions. 
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Under the plain language of the Clean Air Act, an operator’s preconstruction 


conduct may be subject to agency review, and an operator’s preconstruction violations 


may lead to enforcement actions.  Where the statute establishes enforceable requirements 


for the protection of public health,14 OG&E offers the unenforceable promises of a 


regulated source.15  Where the statute aims to prevent emissions increases,16 OG&E 


proposes merely to delay them.17  This Court should declare that OG&E’s “plan of 


action” cannot suffice for compliance. 


I.  The Clean Air Act’s Preconstruction Mandate Does Not Allow For A 
Wait-And-See Approach To Public Health Protection 
 


There is no question that the PSD program is inherently a forward-looking, 


preconstruction program; it is in Congress’ express objective, 42 U.S.C. § 7470, it is in 


the program’s many “[p]reconstruction requirements,” id. § 7475, and it is in the 


program’s authorization of preventative enforcement, id. §§ 7477, 7604(a)(3).    


As directed by Congress, an operator must determine whether PSD requirements 


apply to a given plant modification before it begins construction; the statute specifically 


bars modification of a facility “unless a permit has been issued,” 42 U.S.C. § 7475(a)(1).  


The operator planning to construct a PSD-triggering modification must demonstrate prior 


to construction “that emissions from construction or operation of such facility will not 


                                                 
14  42 U.S.C. §§ 7475(a), 7477, 7604(a)(3). 
15  Contra WEPCo, 893 F.2d at 917–18 (“EPA cannot reasonably rely on a utility’s 


own unenforceable estimates of its annual emissions.”).   
16  42 U.S.C. § 7475(a)(1), (3), (4). 
17  Contra Ala. Power Co. v. Costle, 636 F.2d 323, 400 (D.C. Cir. 1979) (plain 


language of the statute covers all but de minimis emissions increases). 
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cause, or contribute to, air pollution in excess” of various standards.  Id. § 7475(a)(3) 


(emphasis added).  It must also provide an analysis of “air quality impacts projected for 


the area as a result of growth associated with [the] facility.”  Id. § 7475(a)(6) (emphasis 


added).  The statute thus makes it “abundantly clear that PSD applicability is to be 


determined prior to the commencement of a project.”  Ohio Edison, 276 F. Supp. 2d at 


881.18  A central purpose of this PSD review process is to impose substantive safeguards 


that ensure the protection of air quality before construction takes place.  New York, 413 


F.3d at 13; WEPCo, 893 F.2d at 909; Puerto Rican Cement Co., Inc. v. EPA, 889 F.2d 


229, 294 (1st Cir. 1989).   


True to the statute’s preventative focus, a central question when assessing PSD 


liability has always been whether an operator should have projected the modification to 


lead to emissions increases under the projection regulations, thereby triggering permitting 


and pollution control obligations.  See 45 Fed. Reg. at 52,725 (An operator should keep 


“[s]ufficient records regarding the details of . . . applicable source determinations . . . so 


as to verify that no permit was required,” and “[a]ny source which improperly avoids 


review and commences construction will be considered in violation of the applicable SIP 


and will be retroactively reviewed under the applicable NSR regulation.”); Duke Energy, 


2010 WL 3023517, at *6 (“this Court need only determine whether Duke Energy 


reasonably should have projected a significant increase in emissions” (citing Cinergy, 


458 F.3d at 707-08)).  Where an operator does not perform its projection in accordance 
                                                 


18  See also United States v. Cinergy Corp, 384 F. Supp. 2d 1272, 1276–77 (S.D. Ind. 
2005) aff’d 458 F.3d 705, 708 (7th Cir. 2006); United States v. Duke Energy Corp., No. 
1:00-CV-1262, 2010 WL 3023517, at *5 (M.D.N.C. July 28, 2010).   
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with the regulations, the operator cannot be allowed to skirt its forward-looking 


obligations by saying “let’s wait to see if emissions go up.”  As one district court put it:  


any other construction of the [Clean Air] Act and its regulations would turn 
the preconstruction permitting program on its head and would allow 
sources to construct without a permit while they wait to see if it would be 
proven that emissions would increase.  Clearly, Congress did not intend 
such an outcome, which would eviscerate the preconstruction dimension of 
the program.  Thus, the Court concludes that the issue of whether [a 
utility’s] projects required a preconstruction permit must be determined by 
reviewing evidence of the projected post-project emissions increases, and 
not by reviewing evidence of the actual post-project emissions data. 


 
United States v. S. Ind. Gas & Elec. Co. .(“SIGECO”), No. IP99-1692-C-M/F, 2002 WL 


1629817, at *2-3 & n.3 (S.D. Ind. July 18, 2002) (internal quotations and citations 


omitted); see also DTE Energy, 711 F.3d at 649 (“[I]f EPA were barred from challenging 


preconstruction projections that fail to follow regulations, New Source Review would 


cease to be a preconstruction review program.”). 


Yet OG&E’s submittals ask for a free pass from the Act’s preventative 


requirements.  In its Project Reports, OG&E proposes that its voluntary—and 


temporary—emissions management scheme is compliant with the CAA requirements.  


E.g. 2006 Sooner 2 Project Report (Ex. 3-H) at 1, 6.  Essentially, OG&E insists that, 


unless and until the company fails to follow its own plan—that is, until its facilities 


increase their emission of harmful pollution—EPA cannot bring an NSR enforcement 


action against it.  OG&E’s “plan of action” would turn the PSD preconstruction 


permitting program into a “wait and see” program under which an operator need do 


nothing more than pronounce its intention that its emissions will not increase as a result 
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of its proposed modification.  As the Sixth Circuit recently put it, “[t]hat is not correct.”  


DTE Energy, 711 F.3d at 649.   


The Seventh Circuit made it clear more than 20 years ago that NSR applicability 


should be determined based on a “realistic assessment” of future emissions, and that 


“EPA cannot reasonably rely on a utility’s own unenforceable estimates of its annual 


emissions.”  WEPCo, 893 F.2d  at 917–18 & n.14 (quoting, inter alia, Alabama Power , 


636 F.2d at379).  Nothing in the statute forces EPA to stay its hand at the behest of the 


operator, or wait and see if a project results in harmful pollution increases before acting 


to protect public health.  In fact, the Act “clearly accords EPA the authority to 


investigate, and then to prevent through appropriate legal remedies, violations committed 


before construction commences,” and so long before emissions increase.  Xcel Energy, 


759 F. Supp. 2d at 1113 (emphasis added).   


But under the Company’s approach, an operator need not undertake a careful 


projection of future emissions, contra 57 Fed. Reg. at 32,323, nor perform a pre-project 


assessment of air quality impacts, contra, e.g., 42 U.S.C. § 7475(a)(3).  Rather, an 


operator need only claim that it will manage its emissions post-project to avoid triggering 


PSD.  According to OG&E, such unenforceable pledges foreclose the public’s right to 


protective enforcement or preventative action.  That cannot be.  Congress mandated an 


enforceable, preconstruction program, 42 U.S.C. §§ 7475, 7477, and EPA’s PSD Rules 


did not repeal that statutory directive.  See Fed. Express Corp. v. Holowecki, 552 U.S. 
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389, 401–02 (2008) (rejecting an interpretation of a regulation because it would be in 


“tension with the structure and purposes” of the authorizing statute).19  


To be sure, pollution control measures can be expensive, and an operator may see 


value in delaying that expenditure as long as possible.  See Wilson v. Burlington N. RR. 


Co., 803 F.2d 563, 566 (10th Cir. 1986) (J. McKay, concurring) (recognizing the 


“potentially immense value of money over time”); see also Barnard v. Theobald, Nos. 


11-16625, 11-16655, 2013 WL 3285286  at *7 (9th Cir. July 1, 2013) (warning parties 


might “exploit the time value of money” by working to “delay[] payment.” (internal 


citations omitted)).  But to ignore PSD’s preconstruction requirements is to ignore the 


law: Congress has already decided that pollution controls should be employed when a 


facility is modified.  See WEPCo, 893 F.2d at 909.  Though it’s implementation may 


“prove inconvenient and costly to affected industries[,] . . . the clear language of the 


statute unavoidably imposes these costs except for de minimis [emissions] increases.”  


Ala. Power, 636 F.2d at 400 (italics added); see also United States v. S. Ind. Gas & Elec. 


Co., 245 F. Supp. 2d 994, 1009-10 (S.D. Ind. 2003) (CAA’s broad definition of 


“modification” is illustrative of Congressional intent for broad NSR applicability). 


Ultimately, OG&E’s proposal would install an exception to NSR applicability that 


swallows the preconstruction rule and swaps out pre-harm protections for post-harm 
                                                 


19  See also Koch Indus. v. United States, 603 F.3d 816, 821 (10th Cir. 2010) 
(“[I]mplementing regulations must be interpreted so as to harmonize with and further and 
not to conflict with the objective of the statute it implements.” (internal quotations 
omitted)); Sec. of Labor, Mine Safety, & Health Admin. v. Western Fuels-Utah, Inc., 900 
F.2d 318, 320 (D.C. Cir. 1990) (same); Anthony v. United States, 520 F.3d 374, 380 (5th 
Cir. 2008) (“[C]ourts should not interpret an agency regulation to thwart the statutory 
mandate it was designed to implement.” (internal quotations omitted)). 
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litigation.  The Company’s proposed scheme is flatly inconsistent with the PSD program; 


as the Sixth Circuit recently held in DTE Energy, an “operator has to make projections 


according to the requirements for such projections contained in the regulations.  If the 


operator does not do so, and proceeds to construction, it is subject to an enforcement 


proceeding.”  711 F.3d at 649. 


II.  The Regulations Do Not Accept Bare, Unenforceable Promises In Place Of 
Detailed Emissions Analyses 


 
Under the PSD regulations, operators must project how a modification will affect 


the facility’s future emissions by considering a wide array of factors.   See 57 Fed. Reg. at 


32,323 (describing projection calculation); 40 C.F.R. § 52.21(b)(33) (1993) (defining 


“representative actual emissions”).  Although proper projections should consider “all 


available information,” an operator may not base its projection on an unsupported and 


unenforceable plan to limit emissions during the period covered by the projection; EPA 


“cannot reasonably rely on an operator’s own unenforceable estimates of its annual 


emissions” when evaluating the adequacy of an operator’s emissions projection.  


WEPCo, 893 F.2d at 917; see also WEPCo Remand Letter (Ex. 1) at 6.  Thus, operators 


must either perform detailed emissions projections in accordance with the regulations 


which are reviewable by enforcement agencies and courts of law, or they must accept 


legally and practicably enforceable emissions limits going forward.  Supra Background 


§ II.  Should an operator seek to escape a PSD-triggering increase by counting 


simultaneous decreases in operations or emissions, the operator may only get credit for 


those emission reductions if they are enforceable at the time of a modification.  See 
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OAPCR § 1.4.4(b)(3)(F) and 40 C.F.R. § 52.21(b)(3)(vi)(b) (1984) (“A decrease in actual 


emissions is creditable [in the emissions calculation] only to the extent that . . . [i]t is 


federally enforceable at and after the time that actual construction on the particular 


change begins”); accord Natl. Mining, 59 F.3d at 1362 (noting that federally enforceable 


controls do not include “operational restrictions that an owner might voluntarily adopt”).  


Put simply, an operator’s unsupported and unenforceable plans do not satisfy the 


regulations’ projection requirement or the statute’s pollution prevention mandate.   


This does not mean every projection performed by an electric utility must be 


turned into an enforceable emissions limitation.  Rather, operators must follow the 


emissions projection requirements set forth in the Rules and EPA guidance documents—


the requirements crafted to ensure an analysis will protect the public health in advance of 


an emissions increase.  A utility is welcome to avoid performing a detailed projection by 


making a bare promise to keep its emissions below significance levels—but only if that 


promise is reduced to a readily-enforceable emissions limitation.  OG&E has done 


neither, asking instead for a free pass from the protective requirements of the CAA, and 


offering the cold comfort of PSD enforcement only after pollution increases.   


EPA squarely addressed the issue of voluntary restrictions in an administrative 


proceeding regarding another electric utility, Wisconsin Power and Light.  See Order of 


the Administrator, In re: Wisc. Pow. & Light, Columbia Gen. Station (“Columbia 


Generating Order”) (Oct. 8, 2009) (Ex. 4) at 7–9 (interpreting regulations based on 


EPA’s 1992 PSD Rules).  There, the State granted a permit application in which 


Wisconsin Power and Light had indicated its future emissions would be “managed” to 
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stay below “the sum of past actual emissions plus the significance threshold.”  Id. at 6, 8.  


The State reasoned that, “so long as the facility would be operated in a way that would 


not result in a significant net emissions increase, the project would not be a major 


modification,” and offered that the applicant would limit its emissions for five years 


following the project.  Id. at 8.  EPA proclaimed this a “faulty analysis.”  Id.  The Agency 


objected to the State’s permit, and the Administrator explained that, “[s]ince this artificial 


emission limit could not be considered ‘representative actual annual emissions of the 


unit’ following the physical change, [the State] used the wrong methodology for 


measuring post-project emission increases for an electric utility steam generating unit.”  


Id. at 9.20 


Similarly, by merely “agree[ing] informally to constrain” its post-project 


emissions, OG&E used the “wrong methodology” for calculating its projected emissions.  


Id.; see also 40 C.F.R. § 52.21(b)(33) (1993) (defining “representative actual 


emissions”).  Unless it adopts a legally and practicably enforceable emissions limit, a 


company must project future emissions that are representative of normal source 


operations.  57 Fed. Reg. at 32,325.  As EPA explained when it rejected Wisconsin 


Power and Light’s permit, absent from the company’s plan to use “post-project emissions 


management as a way to avoid PSD[ was] an explanation of how providing for a period 


of five years in which a facility artificially limits its emissions, and monitors to stay 


                                                 
20  See also EPA Guidance Document, Letter from Dianne McNally (U.S. EPA) to 


Mark Wejkszner (Pa. Dep’t Envtl. Protection) (April 20, 2010) (Ex. 5) at 3 (Company’s 
PSD analysis rejected as insufficient where projected emissions were determined “simply 
on the basis of calculating a level that would result in an emissions increases from the 
project that are below PSD significance levels.”).  


Case 5:13-cv-00690-D   Document 8-1   Filed 08/30/13   Page 30 of 40







 


23 
 


below the significance threshold, is consistent with this requirement.”  Columbia 


Generating Order (Ex. 4) at 9.  EPA’s interpretation makes sense: where the statute 


contemplates preventing emissions increases, projections of future emissions should 


focus on whether a project will enable a facility to pollute more when operated under 


normal (responding directly to demand) conditions. OG&E cannot claim its mere 


statement of intent to temporarily manage emissions complies with the regulations’ 


preconstruction projection requirements.  


The structure of the PSD rules further underscores the absurdity of OG&E’s 


proposal.  The rules proscribe construction of “major modifications” that “would result” 


in increased air pollution unless the operator has obtained a permit for the modification.  


OAPCR § 1.4.4(b)(2), (c) (emphasis added); 40 C.F.R. § 52.21(b)(2)(i) (1984) (same).  


They also require a facility to perform an “air quality impact evaluation” to show that 


emissions “will not cause or contribute” to air pollution violations; and to demonstrate 


that proposed pollution controls are the best available wherever significant emissions 


increases “would occur as a result” of the modification.  OAPCR §§ 1.4.4(e), (f) 


(emphasis added); see also, e.g., 40 C.F.R. §§ 52.21(j), (k), (m), (o) (1984) (imposing 


various preconstruction analysis obligations).  The PSD rules are filled with 


preconstruction requirements which mirror those of the statute—all of which would be 


completely superfluous or entirely unenforceable if an operator could simply proclaim its 


intent not to increase emissions and wait to be proven wrong in court with post-project 


emissions data.  Contra Time Warner Ent. Co., L.P. v. Everest Midwest Licensee, LLC, 


381 F.3d 1039, 1050 (10th Cir. 2004) (a regulation should be interpreted so “no part is 
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rendered superfluous” and such that it does “not conflict with the objective of its organic 


statute” (citations omitted)); see also Morris v. U.S. Nuclear Regulatory Comm’n, 598 


F.3d 677, 706 (10th Cir. 2010). 


Although it is plain as a matter of law that mere statements of intent and 


unenforceable “plans of action” cannot replace emissions projections under the PSD 


Rules, OG&E’s internal discussions of its renovations help illustrate why that must be the 


case.  OG&E’s own documents underscore that its proposal was but a temporary 


management plan aimed at avoiding the expense of pollution control devices (such as 


“scrubbers”).  In a letter with the subject line “Coal Unit Operation After Certain 


Maintenance Upgrades,” OG&E’s Manager of Power Supply Services explained the 


Company’s strategy: 


It was decided when we made the upgrades that Power Supply would 
operate, for at least five years after the last upgrade to a unit, at or below 
the original design conditions of the unit. . . .  It is recognized the units will 
make a few more Megawatts output due to efficiency improvements and we 
should utilize that improvement.  We agreed not to take full advantage of 
the upgrade capability due to environmental considerations that could 
be imposed on the units. 


 
Letter Attached to Email from O.W. Beasley to J. Parham, Nov. 27, 2007 [1843 002] (Ex. 


6) (emphasis added).  As the manager elaborated in the context of work performed at 


Muskogee Unit 4: 


we opted to place a cap on our emissions in order to avoid triggering new 
regulations.  New regulations would likely have required a scrubber and 
NOX control. . . .   We committed to remain under the cap for 5 years.  


  
Letter from D. Branecky to A. Gould, Sept. 14, 2006 [1865 001] (Ex. 7).  Plainly, 


OG&E’s own discussions of its facility upgrades highlight the concern that the work may 
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well lead to an emissions increase in the years to come, after the expiration of the 


Company’s temporary management plan.  See also Email from Larry Kuennan, July 29, 


2004 [1854 001] (excerpted at Ex. 8) (describing operation of OG&E units under 


environmental constraints for 5 years following upgrades performed at each unit).  


OG&E’s “compliance” plan therefore fails both the letter and the spirit of PSD 


law.  OG&E did not project its emissions during years of “normal operations,” cf. 57 Fed. 


Reg. at 32,325, opting instead to delay normal operations by artificially constraining 


emissions for a short while.  To comply with PSD’s forward-looking requirements, 


operators must either perform detailed calculations in accordance with the regulations, or 


adopt enforceable emissions limits; one way or another, operators must take steps to 


assure the public its construction projects will not lead to increases in air pollution.  See 


supra Background § II.   Far from reassuring, OG&E’s temporary manage-and-report 


scheme falls short of the Company’s legal obligations under the PSD regulations. 


III. EPA’s Recordkeeping Rules Provide A Safeguard Against Operator 
Gamesmanship, Not A Safe Haven Against Agency Enforcement 


 
In its Project Reports, OG&E cites to the recordkeeping and reporting provisions 


in EPA’s 2002 Rules, suggesting that compliance with recordkeeping requirements 


suffices for compliance with PSD.  See, e.g., 2006 Sooner 2 Project Report (Ex. 3-H) at 4 


(citing 40 C.F.R. § 52.21(r)(6)).  The applicable rules in Oklahoma do not include the 


2002 provisions that OG&E relies upon.  See supra p. 5.  But in any event, the 


recordkeeping and reporting requirements in no way altered or replaced the forward-


looking requirements that have always been the cornerstone of the PSD program.   
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A. Recordkeeping Under EPA’s PSD Rules 


In its 1992 PSD Rules, and again in its 2002 PSD Rules, EPA added a requirement 


that electric utilities not only project their future emissions before undertaking a project, 


but that they also keep records of post-project emissions for a period of years after the 


projects are implemented—sometimes five years, sometimes ten, depending on the kind 


of modification an operator has undertaken.  See 57 Fed. Reg. at 32,325; 40 C.F.R. 


§ 52.21(r)(6) (2003).  As the Agency explained, “without appropriate safeguards[,] 


increases in future actual emissions that in fact resulted from the physical or operational 


change could go unnoticed and unreviewed.”  57 Fed. Reg. at 32,325; see also New York, 


413 F.3d at 35 (explaining how a source could understate expected emissions and thus 


improperly conclude NSR did not apply).  Thus, as an additional protection, where post-


project records reveal that emissions have in fact increased as a result of the project, the 


facility is subject to PSD’s BACT obligations at that time—regardless of what 


preconstruction analyses indicated.  See 57 Fed. Reg. at 32,325 (if “the reviewing 


authority determines that the source’s emissions have in fact increased significantly over 


baseline levels as a result of the change, the source would become subject to NSR 


requirements at that time”); 40 C.F.R. § 52.21(a)(2)(iv)(b) (2012). 


B. Post-Project Recordkeeping Does Not Replace Pre-Project Compliance 
 


Even if OG&E could rely on the later PSD recordkeeping and reporting provisions 


(it cannot), those regulations do not support the Company’s “proposed plan of action.”   


Electric utilities were required to record and report post-project emissions 


beginning under EPA’s 1992 Rules.  But the Agency’s regulations have always echoed 


Case 5:13-cv-00690-D   Document 8-1   Filed 08/30/13   Page 34 of 40







 


27 
 


Congress’ statutory command and maintained Congress’ forward-looking focus.  Neither 


the 1992 Rules nor EPA’s contemporaneous explanation suggest that the recordkeeping 


requirements created a safe haven from enforcement.  Rather, submission of post-project 


data provided a safeguard necessary to protect the integrity of the requisite 


preconstruction prediction.  57 Fed. Reg. at 32,336 (1992 revision to 40 C.F.R. 


§ 52.21(b)(21)(v), requiring submission of post-project data as a condition of using more 


flexible prediction method); id. at 32,316 (“Applicability of the CAA’s NSR provisions 


must be determined in advance of construction”) (emphasis added); id. at 32,325 


(explaining reason for “safeguard”); New York, 413 F.3d at 34 (reporting required to 


“verify the projections’ accuracy”); see also 67 Fed. Reg. at 80,188 (post-project 


reporting under 1992 Rules required to “ensure the projection [was] valid”). 


In fact, EPA has explicitly determined that those reporting obligations do not 


supplant the PSD program’s preconstruction projection requirement, which necessarily 


flows from Congress’ preconstruction review and pollution prevention directive.  In 


EPA’s Columbia Generating Order, the Agency proclaimed the very tactic proffered by 


OG&E amounts to avoidance rather than compliance.  There, like OG&E in this case, the 


operator had simply promised to “limit operations . . . for the five-year period following 


the project.”  (Ex. 4) at 8.  EPA rejected the approach: 


[T]he five years in which the facility has agreed informally to constrain it[s] 
emissions and report post-change emissions data appears directed at 
aligning with the post project recordkeeping requirement in [the applicable 
rules]; but this five year window does not by its terms establish a window in 
which, if a facility artificially constrains its emissions, it avoids NSR. 
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Id. at 9 (emphasis added).  Thus, the recordkeeping provisions did not replace the 


touchstone PSD obligation that facilities prepare preconstruction emissions projections.   


EPA’s 2002 Rules—including the inapplicable provisions cited by OG&E—


operate no differently.  Indeed, to accept OG&E’s reading would require the Court to 


ignore a raft of contrary regulatory provisions and contemporaneous agency 


pronouncements.  For example: 


 EPA explained the 2002 Rules made only “minor changes” to PSD for utilities;21  
 


 The recordkeeping requirements do not preclude preconstruction enforcement;  
rather EPA explained that they act as a backstop to ensure projections maintain 
their integrity and emissions increases do not go unnoticed or unreviewed;22  
 


 When it promulgated the 2002 Rules, EPA explicitly stated that “[t]he NSR 
program remains a pre-construction review program;”23  
 


 EPA confirmed in the 2002 Preamble that sources that fail to “properly project 
emissions” will be subject to “applicable enforcement provisions (including the 
possibility of citizens’ suits),”24 and underscored that “[t]here are no provisions in 
the final [2002] rules to protect from civil or criminal penalties the owner or 
operator of a source that constructs a ‘major modification’ without obtaining a 
major [PSD] permit.”25    
 


                                                 
21  57 Fed. Reg. at 32,325; 67 Fed. Reg. at 80,192. 
22  Supra p. 26; Brief for EPA, New York v. EPA, No. 02-1387, 2004 WL 5846388, at 


*98 (D.C. Cir. Oct. 26, 2004) (“EPA did not alter any of the mechanisms provided by the 
CAA to take enforcement action against sources that improperly determined that NSR 
does not apply.  In fact, it added a monitoring requirement for changes that have a 
reasonable possibility of resulting in a significant increase.”). 


23  PSD TSD (excerpted at Ex. 9) at I-4-41; 57 Fed. Reg. at 32,316 (“Applicability of 
the CAA’s NSR provisions must be determined in advance of construction”). 


24   67 Fed. Reg. at 80,190.   
25  PSD TSD (excerpted at Ex. 9) at I-4-26; see also 40 C.F.R. § 52.21(r)(1) (2012) 


(owner who constructs a major modification “without applying for and receiving 
approval . . . shall be subject to appropriate enforcement action”).   
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The reporting provisions were designed as a safeguard against operator gamesmanship.  


They were not designed as a safe harbor against enforcement—indeed such a use would 


contradict the statute’s plain terms.  Even if they applied in this case, the recordkeeping 


and reporting provisions set forth in the 2002 Rules in no way replaced a source’s 


obligation to perform preconstruction emissions projections and assess the project’s 


impact on a facility’s future pollution levels.  OG&E’s effort to replace preventative 


action with five years of reporting is unsupported by the rules OG&E cites and the 


language of the Clean Air Act itself.   


CONCLUSION 


The Clean Air Act is intended to protect human health and the environment from 


the harmful effects of air pollution.  To better implement these protections, Congress 


designed a program to ensure any modification’s air pollution consequences are properly 


evaluated and addressed in advance.  Under EPA’s implementing rules, operators must 


either perform detailed projections of future emissions in accordance with the PSD 


regulations, or they must adopt readily-enforceable emissions limits on future operations.  


OG&E did neither, insisting instead that enforcement must be delayed until after the 


pollution is emitted and the public is harmed by the Company’s voluntary—and 


temporary—emissions management plan.  That is inconsistent with the statute’s mandate, 


the regulations’ language, and common sense.   


The United States and the public must be allowed to evaluate and challenge a 


utility’s preconstruction conduct before it results in harmful emissions increases.  


Accordingly, the United States respectfully requests that this Court declare OG&E’s 


Case 5:13-cv-00690-D   Document 8-1   Filed 08/30/13   Page 37 of 40







 


30 
 


“proposed plan of action” legally insufficient for compliance with the Clean Air Act’s 


PSD program and applicable implementing regulations.  Construction projects such as 


those undertaken by OG&E must be assessed in advance; where projections performed in 


accordance with regulatory requirements reveal the project would result in a PSD-


triggering emissions increase, the operator must comply with PSD’s preconstruction 


requirements, including obtaining a permit for the modification and operating modern 


pollution controls.  This Court should direct OG&E to submit its various facility upgrades 


to the appropriate permitting authorities for an applicability determination and all 


necessary permits.    
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UNJ .>STATES ENVIRONMENTAL PROTECTtv.; AGENCY 
REGION 4 


4APT-ARB 


Mr. Ronald w. Gore 
Chief 
Air Division 


ATLANTA FEDERAL CENTER 
61 FORSYTH STREET, SW 


ATLANTA, GEOAGIA30303-8909 


JAN 1 5 1998 


Alabama Dept. of Environmental 
Management 


1751 Congressman W.L. Dickinson Dr. 
Montgomery, Alabama 36109-2608 


SUBJ: PSD Permit for Alabama Power, Olin Cogeneration Facility, 
Mcintosh, Alabama (PSD-AL-187) 


Dear Mr. Gore: 


We have received the final pe:anits and discussion of the 
final determination regarding the·above referenced facility, 
which were submitted by a December 19, 1997, letter from Ms. 
Marilyn Elliott. Due to the potential problems associated with 
the use of an ammonia containing exhaust gas in Olin's 
carbonation system, we consider the use of selective catalytic 
reduction (SCR) to be technically infeasible for the proposed 
project. This technical issue was first brought to our attention 
by Alabama Power in their November 12, 1997, correspondence. 
While such technical infeasibility was not raised during the 30-
day public conment period concerning the State's "Preliminary 
Determination and Draft Permit," the State 1 s. "Final Determination 
and Response to Conunents" provides an adequate basis in the BACT 
analysis to address our earlier concerns regarding the use of 
SCR. 


In further clarification on this proposed project, as 
indicated in the State's NFinal Determination and Response to 
Conunents," the use of Olin's existing coal-fired boiler is 
expected to cease upon start-up of the cogeneration facility. As 
stated in the public notice (published on October 1, 1997) for 
the preliminary determination and draft permit, "when the 
cogeneration facility is operational, Olin will shut down an 
existing 249 MMBt~/hr coal fired boiler that is u~ed to provide 
process steam." Although NOx emissions from the coal-fired 
boiler were not available for use in the application for the 
cogeneration facility as a contemporaneous emission reduction, it 
is acknowledged that these emission reductions were, considered· in 
the State's permitting determination for the Olin CQgeneration 
Facility. As stated in the PSD regulations at 40 CPR §51.166, 
Nan increase or decrease in actual emissions· is creditable only 
if the reviewing authority has not relied on it in issuing a 
permit for the source under regulations-approved pursuant to this 
section, which permit is in effect when the increase in actual 
emissions from the particular change occurs." Since the Olin 
Chemical Plant and the Alabama Power/Olin Cogeneration Facility 
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are separate sources, credit for emission reductions front the 
coal-fired boiler may not be considered by both sources. Since 
the State has already given consideration to, or relied on, the 
emission reductions in the issuance of a PSD permit to the 
Alabama Power/Olin Cogeneration Facility, emission reductions 
from the shut down of the coal-fired boiler may not be considered 
again (or double counted) at a later date in PSD pennitting 
determinations for the Olin Chemical Plant. 


While we now agree that the BACT determination concerning 
the Olin cogeneration project is sufficient due to the technical 
issues, we would like to take this opportunity to raise the 
following concerns with the State's overall BACT review process. 
First, although we agree that it is appropriate to discuss 
general permitting procedures and requirements with an applicant 
prior to the submittal of an application and to include the 
regulatory procedural requirements, discussion of internal 
criteria (i.e., a range of acceptable control costs) which will 
be used by the State to make its final permitting decision is not 
acceptable to EPA for an approved PSD program. Such discussions 
and informal agreements with an applicant may in some instances 
adversely affect the content and accuracy_of a permit 
application. Any discussions or negotiations regarding the 
State's final permitting decision should not take place until the 
State has had an opportunity to review a complete application. 


Second, we continue to find the State's use of a 
predetermined quantity (i.e., $4,000/ton removal cost) as a 
method of determining acceptability of cost ·effectiveness to be 
arbitrary and inappropriate. The appropriate use of economics in 
the BACT analysis is based on the rel:futtable presumption that if 
sources within a specific industry are utilizing a control 
device, then the.cost of that control is reasonable for that 
industry. The economic analysis provided by the applicant should 
focus on those costs which would differentiate an individual 
source from similar sources. In cases where use of a particular 
technically feasible control is limited in that industry or 
similar industries, another method for utilizing economic 
information is to compare the cost of control of a particular 
pollutant with other cases of the pollutant being controlled. In 
any case, the use of an arbitrary "bright line" cut.-off for 
determining what is economically reasonable conflicts with the 
statutory requirement that a determination of BACT for a 
particular source be done on a case-by-case basis. This is why 
the Agency has not specified any maximum cost which should be 
considered unacceptable or framed any such range or costs for 
making such determinations. Although we have indicated in past 
correspondence that $4,000 to $5,000/ton is generally considered 
to be an acceptable cost for the control of NOx emissions, we 
have not specified any maximum cost whi~h should be considered to 
be unacceptable and have no intention of doing so. 
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Third,· the State's use of incremental costs alone to analyze 
economic cost effectiveness is inappropriate and arbitrary in 
most cases: Although an incremental cost analysis is the same as 
a total cost analysis for the Olin Cogeneration project (i.e., a 
comparison of the dry low-NOx burner (DLNB) option with the DLNB 
plus SCR option), the· economic analysis portion of a BACT review, 
in most cases, includes a separate consideration of both 
incremental and total control costs. Relying solely on the 
incremental cost effectiveness for all proposed projects does not 
allow an equitable comparison of control costs with other similar 
sources in an industry. 


If you have any questions regarding our review of the permit 
application package, please contact Keith Goff of my staff at 
(404)562-9137. 


Sincerely yours, 


wo«r /(_ub;r-
R. Douglas Neeley 
Chief 
Air and Radiation Technology Branch 
Air, Pesticides, and Toxics 


Management Division 
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Steag SCR 
Experience


Steag’s Long-Term Catalyst 
Operating Experience and Cost


Hans Sobolewski, STEAG LLC
Hans Hartenstein, STEAG LLC
Marilynn Martin, STEAG LLC


2006 Environmental Controls Conference
Sponsored by


U.S. Department of Energy’s National Energy Technology 
Laboratory


May 16-18, 2006
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Steag SCR 
Experience


Steag SCR Operating Experience


• Steag is Europe‘s second largest power generator
from bituminous coal.


• Steag owns and operates more than 10,000 MW of 
electric and steam generating capacity.


• Over 2 million hours of SCR operational experience.


• Steag operates 24 SCR systems
• 16 Bituminous coal-fired; up to 10% supplemental fuels
• 8 Refinery residue-fired


• SCR Arrangements
• 17 High-Dust
• 1 Low-Dust
• 6 Tail-End


Power Generation 
and 


District Heating







Steag‘s 
SCR Arrangements


Steag’s Various SCR Arrangements


High-Dust
e.g. Voerde 4


Low-Dust
e.g. Walsum 7


Boiler
NH3


SCR


Air Heater
Air


ESP


Stack


Tail-End
e.g. Herne 3
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Herne 
Cogeneration Plant


Herne Cogeneration Plant Unit 3
• 300 MW electricity
• Pulverized coal
• U-fired, wet bottom boiler
• Tail-End SCR commissioned in 1988


• Catalyst - Honeycomb
• 1 ½ layers of honeycomb catalyst, initial fill
• 2 ½ spare layers, still empty


• Operation during past 110,000 hours extremely uneventful


• No catalyst addition is planned until 2007


• Total catalyst replacement cost less than 0.9% per 1,000 hours
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Tail-End SCR
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Herne 3


Herne 3 SCR Commissioning in 1988
• Operation during the past 110,000 operating hours has been 


extremely uneventful. 


• No catalyst addition is planned until 2007. 


• Total catalyst replacement cost = 0.9% per 1,000 hours.







Herne 
Cogeneration Plant


Herne Cogeneration Plant Unit 4
• 385 MW electricity
• 550 MW district heat
• Pulverized coal, bone meal, waste bituminous coal, ash >40%, sulfur, <15%
• Wall-fired, dry bottom boiler
• High-dust SCR system commissioned in 1989


• Catalyst – Honeycomb and Plate
• 2 layers of honeycomb catalyst initial fill (installed in layers 1 & 3) 
• 2 spare layers (layers 2 and 4), initially empty
• Erosion problems from waste coal led to the catalyst replacement
• Four half layers of plate catalyst installed, hours were reset to 0.


• During past 110,000 operating hours, deactivated catalyst replaced
with new or regenerated plate catalyst.


• Total catalyst replacement = 3.45% initial cost per 1,000 hours.
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Herne 4 SCR Commissioning in 1989
• Severe erosion problems resulting from waste coal led to the 


replacement of both honeycomb layers in 1991. 


• Since then only plate catalyst has been used, hours reset to 0. 


• Total catalyst replacement cost = 3.45% per 1,000 hours
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Herne Unit 4


High-Dust SCR


Comments and Cost Breakdown
• Honeycomb unable to withstand the erosion from the


high ash waste coal burned.


• Fill of 4 half plate layers was set to represent 100% of the 
initial cost.


• Total catalyst exchange cost during the last 110,000 SCR 
operating hours was found to be:


• For catalyst replacement 9 (4 initial and 5 replacement) 
new half layers (= 225% of initial cost) plus
2 regenerated replacement layers (= 24% of initial cost).


• For field labor cost for the installation of 7 half layers
and the removal of 6 half layers was found to be 13 x 
10% of initial cost = 130%.


• Total catalyst replacement costs = 3.45% per 1,000 hours.







Voerde           
Power Station


Voerde Power Station Unit 4
• 760 MW electricity
• Pulverized coal (world market bituminous coal), ash <15%
• Wall-fired, dry bottom boiler 
• High-dust SCR commissioned in 1989


• Catalyst - Honeycomb and Plate
• 3 layers of honeycomb catalyst (initial fill in layers 1, 2, and 3)
• Regenerated plate catalyst replaced some plugged honeycomb
• 1 spare layer (layer 4) still empty
• Operates with new and regenerated honeycomb and plate


• LPA pluggage caused 2 unexpected catalyst exchanges


• Steag LPA screens installed; no further LPA pluggage problems


• Total catalyst replacement cost = 2.74% per 1,000 hours
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High-Dust SCR
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Voerde 4


Voerde 4 SCR Commissioning in 1989
• LPA catalyst pluggage problems appeared unexpectedly in 1996. 


• After installation of Steag’s LPA screens, no further problems with 
LPA intrusion into the SCR reactor occurred.







Voerde Unit 4


High-Dust SCR


Voerde 4 Catalyst Exchange Logbook
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Voerde Unit 4


High-Dust SCR


Comments and Costs
• Initial fill (3 honeycomb layers) was to represent 100% initial cost.


• Total catalyst exchange cost during the last 107,000 SCR 
operating hours was found to be:


• For catalyst replacement 5 (3 initial, 2 half plate and 1 
honeycomb replacement) new layers (= 167% of initial cost) 
plus 4 regenerated honeycomb replacement layers (= 66% of 
initial cost).


• For field labor cost for the removal and installation of 6 layers 
was found to be 6 x 10% of initial catalyst cost = 60%.


• Total catalyst replacement costs = 293% or 2.74% of initial cost
per 1,000 operating hours.


• Note that 2 catalyst exchanges were caused by LPA pluggage and 
not by normal catalyst deactivation. 
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Summary and Conclusions
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Specific catalyst cost vary highly depending on:
• The SCR arrangements: tail-end approximately only 1/3 of 


high-dust arrangements despite extensive use of regeneration.


• The fuel: high ash (i.e. waste coal) versus high CaO (i.e. PRB) 
versus high vanadium (i.e. pet coke).







Summary and 
Conclusions


Summary and Conclusions
• Catalyst is viewed and treated by Steag as a commodity. 


However, not all catalyst types are suitable for all applications.


• Each type of catalyst has its distinct advantages and 
disadvantages.  The selection of the best catalyst type 
requires an economic evaluation on a case by case basis.


• The use of new versus regenerated catalyst depends solely on 
market conditions and prices.  The prices of regenerated 
catalyst varied between 25% and 65% of new catalyst, 
depending on the price of new catalyst and the type of 
regeneration process used and required.


• Steag found no difference in longevity or deactivation rate 
between regenerated and new catalyst.  However, the SO2/S03
conversion rate may differ significantly , depending on the 
regeneration process used.







Steag


Questions?


Steag‘s SCR 
experience: 


~ 2 million hours 
of SCR operation





		Steag’s Various SCR Arrangements

		Herne Cogeneration Plant Unit 3•300 MW electricity•Pulverized coal•U-fired, wet bottom boiler•Tail-End SCR commissione

		Herne Cogeneration Plant Unit 4•385 MW electricity•550 MW district heat•Pulverized coal, bone meal, waste bituminous coa

		Voerde Power Station Unit 4•760 MW electricity•Pulverized coal (world market bituminous coal), ash <15%•Wall-fired, dry



































































NOTE: Draft determinations are marked with a " * " beside the RBLC ID. 


               Required fields are denoted by "+".  


 
Report Date: 05/05/2010            Control Technology Determinations (Freeform) 


Facility Information: GREAT RIVER ENERGY LAKEFIELD JUNCTION STATION 


RBLC ID: MN-0052


+Corporate/Company


Name: GREAT RIVER ENERGY 


+Facility Name: GREAT RIVER ENERGY LAKEFIELD JUNCTION STATION


Facility County: MARTIN


Facility State: MN


Facility ZIP Code: 55330


Facility Country: USA


Facility Contact Name: DEBRA NELSON


Facility Contact Phone: 763-241-2441


Facility Contact Email: DNELSON@GRENERGY.COM


EPA Region: 5


Agency Code: MN001


Agency Name: MINNESOTA POLL CTRL AGCY, AIR QUAL DIV


Agency Contact: MR. RICHARD CORDES 


Agency Phone: (651)757-2291 


Agency Email: RICHARD.CORDES@STATE.MN.US 


Other Agency Contact


Info:


JOHN S. CHIKKALA 


520 LAFAYETTE RD. N


ST. PAUL, MN 55155


(651) 296-9711


+Permit Number: 09100058-003


+SIC Code: 4911


NAICS Code: 221112


Facility Registry System


Number: 110008694975


Application Accepted


Received Date: 03/04/2002 ACT


Permit Issuance Date: 09/10/2003 ACT


Date determination


entered in RBLC: 09/09/2003


Date determination last


updated: 09/19/2003


Permit Type: A: New/Greenfield Facility 


Permit URL:


Facility Description: SIMPLE-CYCLE COMBUSTION TURBINES, NATURAL GAS AS


PRIMARY FUEL.


Permit Notes: plantwide lead emissions: 0.3 t/yr
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Affected Boundaries: GREAT RIVER ENERGY LAKEFIELD JUNCTION STATION 


   


Facility-wide Emissions: GREAT RIVER ENERGY LAKEFIELD JUNCTION STATION 


+Pollutant Name: Carbon Monoxide


Facility-wide Emissions


Increase: 1146.2000 (Tons/Year)


+Pollutant Name: Nitrogen Oxides (NOx)


Facility-wide Emissions


Increase: 644.1000 (Tons/Year)


+Pollutant Name: Particulate Matter (PM)


Facility-wide Emissions


Increase: 193.6000 (Tons/Year)


+Pollutant Name: Sulfur Oxides (SOx)


Facility-wide Emissions


Increase: 186.2000 (Tons/Year)


+Pollutant Name: Volatile Organic Compounds (VOC)


Facility-wide Emissions


Increase: 36.5000 (Tons/Year)


Process Information: GREAT RIVER ENERGY LAKEFIELD JUNCTION STATION 


+Process Name: TURBINE, SIMPLE CYCLE, NATURAL GAS 


+Process Type: 15.110


Primary Fuel: NATURAL GAS


Throughput: 109.00


Throughput Unit: MW


Process Notes: modification does not change facility limit.


   


Pollutant Information: GREAT RIVER ENERGY LAKEFIELD JUNCTION STATION -


TURBINE, SIMPLE CYCLE, NATURAL GAS 


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description:


GOOD COMBUSTION PRACTICES - OPTIMIZED OPERATION OF


GAS TURBINE


Emission Limit 1: 25.0000


Emission Limit 1 Unit: PPM @ 15% O2


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:







Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 25.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: DRY LOW NOX, GOOD COMBUSTION PRACTICE


Emission Limit 1: 9.0000


Emission Limit 1 Unit: PPM @ 15% O2


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 9.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:







+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 11,185 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: Yes


Dollar Year Used In


Cost Estimates: 1999


Pollutants/Compliance


Notes:


   


Process Information: GREAT RIVER ENERGY LAKEFIELD JUNCTION STATION 


+Process Name: TURBINE, SIMPLE CYCLE, FUEL OIL 


+Process Type: 15.190


Primary Fuel: NATURAL GAS


Throughput: 109.00


Throughput Unit: MW


Process Notes:


   


Pollutant Information: GREAT RIVER ENERGY LAKEFIELD JUNCTION STATION -


TURBINE, SIMPLE CYCLE, FUEL OIL 


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: WATER INJECTION GOOD COMBUSTION PRACTICES


Emission Limit 1: 42.0000


Emission Limit 1 Unit: PPM @ 15% O2


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission







Standard Emission


Limit: 42.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: GOOD COMBUSTION PRACTICES - OPTIMIZED OPERATION


Emission Limit 1: 20.0000


Emission Limit 1 Unit: PPM @ 15% O2


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 20.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:







Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:
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From:
Sent:
To:


Cc:


Subject:


O’Brien, Thomas M.
Tuesday, September 28, 2004 1:03 PM
O’Brien, Thomas M.; ’Hayes, Phil @ WPSR’; ’Yagodinski, Dan @ WPSC’;
’Van Helvoirt, Gary’; ’Egtvedt, Greg @ WPSC’
WPSCWeston; Pieschl, Stephen E. (Steve); Heather, John A. Jr.; Fischer,
Diane M.; Meadows, Michael
040928 SCR & SO2 Permitting Issues (revised) 32.0440


Attachments: Cost Impact, R1 .xls; Rolling Average.xls; FGD Annual O&M Costs - Dry rev
3.xls; SO2 Economic Evaluation.xls


Please use this revised version instead. Some minor adjustments were made to the SO2 costs.
Also, an earlier version of the cost impact file was removed.


As requested by WPSC, we are forwarding comments on the impacts of lowering emission rates
for NOx and SO2.


1. NO~x


The following information is from Diane Fischer on the NOx issues.


Regarding the ability of meeting a 0.06 Ib/MBtu rolling average emission rate, I have the following
comments.


It should be possible to obtain a guaranteed NOx emission rate of less than 0.06
Ib/MBtu. B&V is providing a guarantee of 0.05 Ib/MBtu for our Harding Street project.
Parish Station in Texas is required to meet a 0.03 Ib/MBtu emission rate (I should note
that I don’t know the details of that permit and do not know the averaging period).
Therefore, B&W should be able to achieve the 0.05 Ib/MBtu emission rate that WPSC
may want for contingency.


¯ In my opinion, additional catalyst would be need to continuously meet an emission rate
of 0.05 Ib/MBtu over the life of the catalyst.


The big challenge that Weston will face has to do with the averaging period. If they can
assume that the SCR will achieve 0.05 Ib/MBtu on a regular basis, that is great.
However, any upset conditions will be challenging to make up. The expected boiler
outlet conditions are 0.17 Ib/MBtu (according to the pre-negotiated contract discussions
with B&W) with a design maximum of 0.21 Ib/MBtu. If for some reason, the SCR trips
and the plant emits the 0.17 Ib/MBtu for one hour, it will require operation at 0.05 Ib/MBtu
for 11 hours to get back to the 0.06 Ib/MBtu rolling average. I have made a spreadsheet
(called Rolling Average.xls) to demonstrate this situation. It shows the impact of various
upset emissions rates on the ability to meet a 0.06 Ib/MBtu average. Basically, there is a
lot potential to exceed the emissions limit with very little potential to be under the
emissions limit.


If WPSC can negotiate a tons per year cap based on a 0.06 Ib/MBtu emission rate, it
would give them a lot more flexibility. In this scenario, they could also drop load slightly
to make up for exceedances. This is a lot easier to do than to always have to count on
NOx removal to make up for emissions exceedances.


As requested, I have come up with a cost estimate for the additional catalyst and ammonia
consumption required to accomplish a 0.05 Ib/MBtu average. Costs are shown in the file
called "Cost Impact.xls". I have estimated how much addition volume may be required based
on a spreadsheet provided by CERAM (a catalyst vendor). Obviously, the final number will
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need to come from B&W. I then used the catalyst management plan provided by B&W for
the 2+2 reactor arrangement. The cost analysis is for 40 years and includes both catalyst
replacement, based on the catalyst management plan provided by B&W in the bid stage, and
the annual cost of additional ammonia. Please note that both these costs are differential
costs from going from an average of 0.08 Ib/mmBtu to 0.06 Ib/mmBtu. The catalyst
replacement settles into a pattern of replacing catalyst every 21,000 hours.


Please note that the above notes from Diane on the ability to meet the NOx line up very closely
with what B&W expressed in their draft response, forwarded to us yesterday. It would be nice to
have B&W’s costs to verify against Diane’s. Also note that Diane’s costs are simple economic
calculations in which escalation and a discount factor are applied. We have not put this into the
WPSC financial evaluation spreadsheet, but could if you wished.


2. SO~2


Based on conversations with Mike Meadows, B&V is in general agreement on the concerns that
B&W raised in regard to the issues with trying to lower the SO2 values, particularly in the
problems associated with applying a requirement for an overall reduction of 94%, regardless of
the inlet SO2.


B&V has calculated extra costs, assuming that the SO2 requirement has lowered from 0.10 to
0.08 Ib/mmBtu. This cost has been done for three different fuels (and hence difference sulfur
amounts). This includes both sulfur removal and ash disposal costs. There are two files, one
which contains the annual costs (and differential), and one which does a simple 40 year life cost.
Based on the Black Thunder coal, the present worth cost of the increased sulfur removal and ash
disposal is about $1.3 million.


3. Summary


From the above and from the attached spreadsheets, the cost differentials are as follows:


Cost for increased NOx removal
Cost for increased SO2 removal


$662,000
$1,300,000


Total (present worth basis) $1,962,000


Please note that the above numbers are based on simple economic evaluation with escalation
and present worth. They do not include cost of capital separate from operating costs, as is
normally done in WPSC cost evaluations. However, they do provide a relative indication of the
expected costs for the lowered emissions for SO2 and NOx.


Files for the NOx calculations.


Files for SO2 Calculations
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Cost Impact, Rl.xls
(29 KB)


SO2 Economic FGD Annual O&M
Evaluation.xls (3... Costs - Dry rev...


Rolling Average.xls
(16 KB)
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Annual Cost to Achieve 0.05 Ib/Mbtu
Revised for 40 year Economic Life
Inputs
Heat Input
Nox Emissions (Base)
Nox Emissions (New)
Hours of Operation Per Year


4782.47 MBtu/hr
0.06 Ib/MBtu
0.05 Ib/MBtu


8760 hours


Ammonia Impact
Ammonia Cost
Differential Ammonia Consumption
Differential Ammonia Consumption


I Differential Ammonia Cost


200 S/ton (contained)
18.56 Ib/hr
81.28 ton/yr


16,257 $1yr


Catalyst Costs
Differential Catalyst Volume
Catalyst Costs
IEstimated Initial Cost


26 m3 (estimated)
6,500 $/m3


185,900 Includes profit of 10 percent


Levelized Replacement Cost
Present Worth Discount Rate
Escalation Rate
Evaluation Year
Layer Arrangement


12% percent
3.0% percent
2004
2+2


Hours


8,76(]
17,520
26,28(]
35,040
43,80(]
52,560
61,32(]
70,08O
78,840
87,600
96,360


105,120
113,880
122,640
131,400
140,160
148,920
157,680
166,440


Year Actual Cost
now


2007
2008
2009
2010
2011
2012
2013


Economic Evaluation by
Catalyst


Present Worth Actual Cost
$185,900 $185,900


$0 $0
$0 $0


$107,755 $61,000
$0 $0
$0 $0


$117,746 $48,000
$0 $0


Amn


$9,149
$18,846
$19,412
$19,994
$20,594
$21 212


2014
2015
2016
2017
2018
2019
2020
2021
2022
2023
2024
2025


$143,655 $46,000
$o $o
$o $o


$156,975 $36,000
$o $o


$166,535 $30,000
$o $o


$176,677 $26,000
$o $o
$o $o


$193,060 $20,000
$o $o


$21
$22
$23
$23
$24
$25
$26
$26
$27
$28
$29
$3O


848
503
178
874
590
328
087
870
676
507
362
243
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175,200
183,960
192,720
201,480
210,240
219,000
227,760
236,520
245,280
254,040
262,800
271,560
280,320
289,080
297,840
306,600
315,360
324,120
332,880
341,640
350,400
359,160


2026
2027
2028
2029
2030
2031


$204,817
$o
$o


$223,809
$o


$237,439


$17,000
$o
$o


$13,000
$o


$11,000


$31,150
$32,084
$33,O47
$34,038
$35,059
$36,111


2032 $0
2033 $251,899
2034 $0
2035 $0
2036 $275,257
2037 $0
2038 $292,020
2039 $0
2040 $0
2041 $319,098
2042 $0
2043 $338,531
2044 $0
2045 $359,148
2046 $0
2047 $0


$3,750,322


$0
$9,000


$o
$o


$7,000
$o


$6,000
$o
$o


$5,0OO
$o


$4,000
$o


$3,00O
$o
$o


$527,900


$37,195
$38,310
$39,460
$40,643
$41,863
$43,119
$44,412
$45,745
$47,117
$48,530
$49,986
$51,486
$53,031
$54,621
$56,260
$57,948
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y Year
nonia
I Present WorthI TOTAL


$5,814
$10,694


$9,834
$9,044
$8,317
$7 649
$7 034
$6 469
$5 949
$5 471
$5 032
$4 627
$4 255
$3 913
$3 599
$3,310
$3,044
$2,799


Present
Wo~h
FaVor


$185,900
$0 0.71178


$5,814 0.635518
$71,694 0.567427


$9,834 0.506631
$9,044 0.452349


$56,317 0.403883
$7,649 0.36061


$53,034 0.321973
$6,469 0.287476
$5,949 0.256675


$41,471 0.229174
$5,032 0.20462


$34,627 0.182696
$4,255 0.163122


$29,913 0.145644
$3,599 0.13004
$3,310 0.116107


$23,044 0.103667
$2,799 0.09256
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$2,574
$2,367
$2,177
$2,002
$1,841
$1,693
$1,557
$1,432


$19,574
$2,367
$2,177


$15,002
$1,841


$12,693
$1,557


$10,432


0.082643
0.073788
0.065882
0.058823
0.052521
0.046894
0.04186g
0.037383


$1,317
$1,211
$1,114
$1,024


$942
$866
$797
$733
$674
$620
$570
$524
$482
$443


I


$1,317 0.033378
$1,211 0.029802
$8,114 0.026609
$1,024 0.023758
$6,942 0.021212


$866 0.01894
$797 0.01691


$5,733 0.015098
$674 0.013481


$4,620 0.012036
$570 0.010747


$3,524 0.009595
$482 0.008567
$443 0.007649


$661,720 6.579538
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Differential Costs for Increase SO2 Removal (from 0.10 Ib/mmBtu to 0.08 Ib/mmBtu)


Differential Costs(Annual Differentialcost, based on 2004 dollar)
Case I $434,000
Case 2 $158,000
Case 3 $157,000


Levelized Replacement Cost
Present Worth Discount Rate
Escalation Rate
Evaluation Year


12% percent
3.0% percent
2004


Year
now


2007
2008
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022
2023
2024
2025
2026
2027
2028
2029
2030
2031
2032
2033
2034
2035
2036
2037
2038
2039
2040
2041
2042
2043
2044
2045
2046
2047


Economic Evaluation by Year
Case I Case 2


Actual Cost I Present Worth Actual Cost IPresent Worth


$0 $0
$244,235 $155,000
$503,125 $285,000
$518,219 $263,000
$533,765 $241,000
$549,778 $222,000
$566,272 $204,000
$583,260 $188,000
$600,757 $173,000
$618,780 $159,000
$637,344 $146,000
$656,464 $134,000
$676,158 $124,000
$696,443 $114,000
$717,336 $104,000
$738,856 $96,000
$761,022 $88,000
$783,852 $81,000
$807,368 $75,000
$831,589 $69,000
$856,537 $63,000
$882,233 $58,000
$908,700 $53,000
$935,961 $49,000
$964,039 $45,000
$992,961 $42,000


$1,022,749 $38,000
$1,053,432 $35,000
$1,085,035 $32,000
$1,117,586 $30,000
$1,151,113 $27,000
$1,185,647 $25,000
$1,221,216 $23,000
$1,257,853 $21,000
$1,295,588 $20,000
$1,334,456 $18,000
$1,374,490 $17,000
$1,415,724 $15,000
$1,458,196 $14,000
$1,501,942 $13,000
$1,547,000 $12,000


$3,571,000


$88,915 $56,507
$183,165 $103,933
$188,660 $95,581
$194,320 $87,901
$200,150 $80,837
$206,154 $74,341
$212,339 $68,367
$218,709 $62,874
$225,270 $57,821
$232,028 $53,175
$238,989 $48,902
$246,159 $44,972
$253,544 $41,358
$261,150 $38,035
$268,984 $34,979
$277,054 $32,168
$285,366 $29,583
$293,927 $27,206
$302,744 $25,020
$311,827 $23,009
$321,181 $21,160
$330,817 $19,460
$340,741 $17,896
$350,964 $16,458
$361,493 $15,135
$372,337 $13,919
$383,507 $12,801
$395,013 $11,772
$406,863 $10,826
$419,069 $9,956
$431,641 $9,156
$444,590 $8,420
$457,928 $7,744
$471,666 $7,121
$485,816 $6,549
$500,390 $6,023
$515,402 $5,539
$530,864 $5,094
$546,790 $4,685
$563,194 $4,308


$1,300,591


Case 3
Actual Cost lPresentWorth


$0
$88,352 $56,150


$182,006 $103,275
$187,466 $94,976
$193,090 $87,344
$198,883 $80,325
$204,849 $73,871
$210,995 $67,935
$217,325 $62,476
$223,844 $57,455
$230,560 $52,838
$237,477 $48,592
$244,601 $44,688
$251,939 $41,097
$259,497 $37,794
$267,282 $34,757
$275,300 $31,964
$283,559 $29,396
$292,066 $27,034
$300,828 $24,861
$309,853 $22,863
$319,149 $21,026
$328,723 $19,337
$338,585 $17,783
$348,742 $16,354
$359,205 $15,040
$369,981 $13,831
$381,080 $12,720
$392,513 $11,698
$404,288 $10,758
$416,417 $9,893
$428,909 $9,098
$441,776 $8,367
$455,030 $7,695
$468,681 $7,076
$482,741 $6,508
$497,223 $5,985
$512,140 $5,504
$527,504 $5,062
$543,329 $4,655
$559,629 $4,281


$1,292,360


Present
Worth
Factor


0.71178
0.63552
O.56743
0.50663
0.45235
0.40388
0.36061
0.32197
0.28748
0.25668
0.22917
0.20462
0.18270
0.16312
0.1456A
0.1300A
0.11611
0.10367
0.0925~
0.0826A
0.0737~
0.0658~
0.05882
0.05252
0.0468~
0.04187
0.0373~
0.03338
0.0298C
0.02661
0.02376
0.02121
0.01894
0.01691
0.0151C
0.01348
0.01204
0.01075
0.0096~
0.00857
0.00765


6.57953766
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Averaging Table to Achieve 0.06 Ib/MBtu Rolling Average


1-hour Emissions
Spikes at Indicated Hours at 0.05 Ib/Mbtu


Emission Rate Needed to Make Up
(Ib/MBtu) for Spike


0.21 15
0.20 14
0.19 13
0.18 12
0.17 11
0.16 10
0.15 9
0.14 8
0.13 7
0.12 6
0.11 5
0.10 4
0.09 3
0.08 2
0.07 1
0.06 0
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&EPA 
U.S. Environmental Protection Agency 
Region 5 - Air and Radiation Division 


Correspondence 


==============,,0,============== 
·•·.\t'..-.-..~;-


March 20, 1998 


Robert Hodanbosi, Chief 
Division of Air Pollution Control 
Ohio Environmental Protection Agency 
1600 WaterMark Drive 
Columbus, Ohio 43215 


Dear Mr. Hodanbosi: 


Page I of 3 


The purpose of this letter is to provide comments on the Best 
Available Control Technology (BACT) analysis provided in the 
permit application and draft Permit to Install (PTI) of Pro
Tec Coating Company in Leipsic, Ohio. 


The BACT analysis as represented in the application currently 
considers three control technology options: 1) selective 
catalytic reduction (SCR), 2) standard recuperative burners 
with staged air nozzles, and 3) standard recuperative burners 
without staged air nozzles (no control). The application and 
draft permit refer to the second control option as "low-NOx 
burners with staged air nozzles." However, this control 
option would utilize the Bloom 2320 recuperative radiant-tube 
burner, which lacks the features of a true low-NOx burner 
such as air staging, fuel staging, or ceramic/refractory 
baffles. Based on information provided in discussions with 
vendors, the United States Environmental Protection Agency 
(USEPA) advises that the BACT analysis ref er to the second 
control option as "standard recuperative burners" rather than 
low-NOx burners.· Subsequently, since this pollution control 
option is not equivalent to low-NOx burners, and~all 
available control options must be considered, Pro-Tee should 
include a true low-NOx burner, such as the Bloom 2370 Type F, 
in its BACT analysis. Because this technology has been 
developed, patented, and available for sale, it is considered 
"available" as BACT. (USEPA is mentioning the Bloom 2370 


http://yosemite.epa.gov/r5/ardcorre.nsf/36ae8bf32l2bb6b28625650c0079f5da/c17 e3845e3. .. 8/13/2007 
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Type F only to provide an example of a true low-NOx burner, 
and not to endorse the product.) 


Since the State operates a delegated Prevention of 
Significant Deterioration program, the State is obligated to 
follow the Federal regulations in 40 CFR 52.21 and the 
supporting policy. A summary of this policy with respect to 
BACT is described in the October 1990 "New Source Review 
Workshop Manual." The Federal policy indicates that before a 
BACT control option that has been demonstrated successful in 
practice can be rejected from consideration, the applicant 
must demonstrate in the public record that, "circumstances 
exist at the source which distinguish it from other sources 
where the control alternative may have been required 
previously . " The policy continues by saying that any 
such unique characteristics must focus on the application of 
control technology. The statements conclude by stating, "In 
the absence of unusual circumstances, the presumption is that 
sources within the same category are similar in nature and 
that cost and other impacts that have been borne by one 
source of a given source category may be borne by another 
source of the same source category." This means that, in the 
absence of a unique technical demonstration, if nitrogen 
dioxide from an annealing furnace is controlled by SCR at 
another source, then Pro-Tee should be expected to use that 
technology at their annealing furnace. 


In our review of all the material including the draft permit 
and the application that was submitted by the State, we have 
not found a demonstration of any unusual circumstances that 
warrant the rejection of SCR as a control option. At this 
point we have identified at least three annealing furnaces 
that are controlling NOx emissions with SCR. 


We believe that Ohio should also consider an additional 
comment on the cost analysis. Pro-Tee's basis for their 
rejection of SCR is the cost effectiveness calculation of 
$5,727 per ton. First, a simple rejection of that cost 
level because it is too high is not an accepted oasis for 
such rejection. Second, it appears that the cost figures may
have been based upon old data which does not take into 
account the steady reduction of SCR costs. Third, the 
question arises as to whether the cost figures are based on 
irrelevant factors such as costs incurred by the construction 


http://yosemite.epa.gov/r5/ardcorre.nsf/36ae8bf3212bb6b28625650c0079f5da/c 17e3 845e3... 8/13/2007 
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currently underway at the Pro-Tee site and any retrofitting 
that may be required to accommodate SCR. For these reasons, 
it is the po~ition of USEPA that SCR needs to be reevaluated 
in the Pro-Tee BACT analysis. 


Finally, as mentioned in the February 27, 1998, letter from 
our office to you, BACT must be determined for each emission 
unit with respect to NOx for the proposed construction. It 
is unclear from the draft permit whether BACT has been 
selected for the NOx-emitting units other than the annealing 
furnace. We are particularly interested in the proposed 
control strategy for the two hot water boilers. While the 
draft permit lists the use of low-NOx burners as Best 
Available Technology (BAT) for these boilers, if the term 
"low-NOx burners" as it is used here is not consistent with 
the accepted definition of this technolos-y, then the analysis 
would be insufficient to conclude that the State's BAT 
selection would be equivalent to BACT. 


I hope this information is useful. We look forward to 
continuing our cooperative effort to fully address the 
permitting requirements of the Clean Air Act for this source. 
If you have any questions regarding this letter, please 


contact Kaushal Gupta at (312) 886-6803 or Kushal Som at 
(312) 353-5792. 


Sincerely yours, 


/s/ 


Cheryl Newton, Chief 
Permits and Grants Section 


==============================!I:============================== 
AHt AND RADtATION DlYISlON 


77 WEST .JACKSON BOULl!VAIU) (A•t8.J) 


CHleA~O, 11.LIHOIS 60604 
(800l 621"1'143t OR (3t2) 3S3·2.2.12. 
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NOTE: Draft determinations are marked with a " * " beside the RBLC ID. 


               Required fields are denoted by "+".  


 
Report Date: 05/05/2010            Control Technology Determinations (Freeform) 


Facility Information: CONTINENTAL ENERGY SERVICES, INC., SILVER BOW GEN 


RBLC ID: MT-0019


+Corporate/Company


Name: CONTINENTAL ENERGY SERVICES, INC.


+Facility Name: CONTINENTAL ENERGY SERVICES, INC., SILVER BOW GEN 


Facility County: SILVER BOW


Facility State: MT


Facility ZIP Code: 59701


Facility Country: USA


Facility Contact Name: TERRY WEBSTER


Facility Contact Phone: 406-448-6013


Facility Contact Email:


EPA Region: 8


Agency Code: MT001


Agency Name: MONTANA DEPT OF ENVIRONMENTAL QUALITY


Agency Contact: MR. DAN WALSH 


Agency Phone: (406)444-0285 


Agency Email:


Other Agency Contact


Info:


DAN WALSH 


MT


406-444-0285


+Permit Number: 3165-00


+SIC Code: 4911


NAICS Code: 221112


Facility Registry System


Number: 110017421976


Application Accepted


Received Date: 07/20/2001 ACT


Permit Issuance Date: 06/07/2002 ACT


Date determination


entered in RBLC: 09/09/2003


Date determination last


updated: 06/28/2004


Permit Type: A: New/Greenfield Facility 


Permit URL:


Facility Description: NATURAL GAS FIRED COMBINED CYCLE POWER PLANT


Permit Notes: Additional plantwide emissions: PM10 = 227 t/yr


   


Affected Boundaries: CONTINENTAL ENERGY SERVICES, INC., SILVER BOW GEN 


Previous Page







+Boundary (Class 1


Area or US Border


Name): Anaconda-Pintlar


Boundary Type (Class 1


or Intl Border): CLASS1


Distance: < 100 km 


Class 1 Area State: MT


+Boundary (Class 1


Area or US Border


Name): Yellowstone NP


Boundary Type (Class 1


or Intl Border): CLASS1


Distance: Between 100km and 250km 


Class 1 Area State: MT


   


Facility-wide Emissions: CONTINENTAL ENERGY SERVICES, INC., SILVER BOW GEN 


+Pollutant Name: Carbon Monoxide


Facility-wide Emissions


Increase: 732.0000 (Tons/Year)


+Pollutant Name: Nitrogen Oxides (NOx)


Facility-wide Emissions


Increase: 168.0000 (Tons/Year)


+Pollutant Name: Particulate Matter (PM)


Facility-wide Emissions


Increase: 235.0000 (Tons/Year)


+Pollutant Name: Sulfur Oxides (SOx)


Facility-wide Emissions


Increase: 10.7000 (Tons/Year)


+Pollutant Name: Volatile Organic Compounds (VOC)


Facility-wide Emissions


Increase: 94.2000 (Tons/Year)


Process Information: CONTINENTAL ENERGY SERVICES, INC., SILVER BOW GEN 


+Process Name: TURBINE, COMBINED CYCLE 1


+Process Type: 15.210


Primary Fuel: NATURAL GAS


Throughput: 500.00


Throughput Unit: MW


Process Notes: Throughput is combined for two 175 MW gas turbines and one 150 MW


steam turbine. Source testing and inspections will be used for future


compliance demonstrations.


   







Pollutant Information: CONTINENTAL ENERGY SERVICES, INC., SILVER BOW GEN -


TURBINE, COMBINED CYCLE 1 


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 17.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: Other Case-by-Case


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: Yes


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: N







+Control Method


Description:


Emission Limit 1: 32.4000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: Other Case-by-Case


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: Yes


Dollar Year Used In


Cost Estimates: 2000


Pollutants/Compliance


Notes:


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: A


+Control Method


Description: SCR


Emission Limit 1: 25.2000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:







Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 3.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency: 88.000


Compliance Verified: Unknown 


Cost Effectiveness: 5,800 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2000


Pollutants/Compliance


Notes:


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 139.9000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 5.2700


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: Other Case-by-Case







Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: Yes


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


Process Information: CONTINENTAL ENERGY SERVICES, INC., SILVER BOW GEN 


+Process Name: TURBINE, COMBINED CYCLE 2


+Process Type: 15.210


Primary Fuel: NATURAL GAS


Throughput: 500.00


Throughput Unit: MW


Process Notes: Throughput is for two 175 MW gas turbines, and one 150 MW steam


turbine. Source testing and inspections will be used for future compliance


demonstration.


   


Pollutant Information: CONTINENTAL ENERGY SERVICES, INC., SILVER BOW GEN -


TURBINE, COMBINED CYCLE 2 


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: A


+Control Method


Description: SCR


Emission Limit 1: 25.2000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:







Standard Emission


Limit: 3.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency: 88.000


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2000


Pollutants/Compliance


Notes:


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 139.9000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 5.2700


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: Other Case-by-Case


Other Applicable


Requirements:







Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 17.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: Other Case-by-Case


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:







Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 32.4000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: Other Case-by-Case


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:
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NOTICE 
 


This Document was prepared by Sargent & Lundy, L.L.C., expressly for the sole use of Salt River 
Project in accordance with the agreement between S&L and Client. This Deliverable was prepared 
using the degree of skill and care ordinarily exercised by engineers practicing under similar 
circumstances. Client acknowledges: (1) S&L prepared this Deliverable subject to the particular scope 
limitations, budgetary and time constraints, and business objectives of the Client; (2) information and 
data provided by others may not have been independently verified by S&L; and (3) the information and 
data contained in this Deliverable are time sensitive and changes in the data, applicable codes, 
standards, and acceptable engineering practices may invalidate the findings of this Deliverable. Any 
use or reliance upon this Deliverable by third parties shall be at their sole risk. 
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EXECUTIVE SUMMARY 


The United States Environmental Protection Agency (EPA) is currently in the process of developing a 
Best Available Retrofit Technology (BART) proposal for the Navajo Generating Station (NGS).  One of 
the five statutory factors that must be considered in arriving at a BART proposal is the cost of each 
control technology option.  Salt River Project (SRP) retained Sargent & Lundy, L.L.C (S&L) to perform a 
detailed cost study that can be used in developing a BART proposal for NGS.  Sargent & Lundy, L.L.C. 
prepared this report to present the estimated capital cost for the addition of SCRs or SCRs and 
baghouses on all three units at NGS. 


This report builds on the high-level feasibility studies that were performed by S&L in 2007 through 2009 
for a similar scope of work. The original feasibility studies provided predicted costs based on a level of 
difficulty of the installation at NGS compared to typical costs experienced in the industry for other SCR 
and polishing baghouse installations. This report provides more detailed conceptual designs and cost 
estimates for the work. 


For this report, S&L developed general arrangements, estimated quantities of materials, solicited 
budgetary quotes, and developed detailed cost estimates, schedules, and cash flows. Estimated 
quantities of materials were generated from the developed general arrangements. Since NGS is a 
highly congested site resulting in significant construction challenges, S&L had subcontracted Foster 
Wheeler to provide estimated construction costs, including costs for heavy-lift cranes, based on the 
general arrangements and estimated quantities. 


A total of nine cost estimates have been developed, three for each NGS unit consisting of; one estimate 
for SCR only (SCR Option), one estimate for SCR with dry sorbent injection (SCR with DSI Option), 
and one estimate for SCR plus baghouse (SCR and Baghouse Option).  S&L and Foster Wheeler 
worked in conjunction to develop project schedules for the work. The schedule for the design and 
procurement work was developed by S&L while Foster Wheeler provided input to the construction 
portion. 


NGS consists of three (3) 812-MW (gross) CE/Alstom boilers that are fueled by Western bituminous 
coal from Peabody’s Kayenta mine on the Black Mesa. Currently, each unit utilizes a hot-side 
electrostatic precipitator (HESP) for particulate control and a wet flue gas desulfurization system (FGD) 
for SO2 control. The units are also being retrofitted with low-NOX burners (LNBs) to reduce NOX 
emissions.  S&L was asked to evaluate the cost of installing SCRs on each unit with an option to add 
polishing baghouses. The SCRs would tie into the flue gas path downstream of the existing HESPs and 
discharge upstream of the existing air pre-heaters. The baghouses would tie into the flue gas path 
downstream of the existing air pre-heaters and discharge upstream of the existing FGD systems. For 
the SCR and Baghouse Option, new ID booster fans would also be required. 


Major equipment added would be two (2) SCR reactors per unit, a common anhydrous ammonia 
storage facility, unit-specific sorbent injection systems, and two (2) baghouse casings per unit. Unit 2 
would incorporate a stacked baghouse design due to site space constraints. The work would include 
refurbishment of the existing ID fans for the SCR Option, or new ID booster fans for the SCR and 
Baghouse Option. All units would continue to discharge through their existing unitized stacks. 
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Several options were evaluated and estimated for the supply of power to the SCR and SCR plus 
baghouse system’s auxiliaries and ID fans. A new unit auxiliary transformer (UAT) would be installed to 
support new infrastructure for the SCR and Baghouse Option. 


Site constraints present a number of construction challenges. Major concerns include the congestion 
and limited access available for installation of the potential new work on Unit 2, as well as the tie-in 
work for the SCRs on all three units. The tie-in work for the SCRs must be accomplished in the 
relatively congested area between the precipitators and the boilers, where access to large construction 
equipment is limited and at the same time must be accomplished in a relatively short duration during 
scheduled plant outages. For installation of the Unit 2 work, large cranes that would be set up outside 
of the immediate construction area, yet be capable of placing large loads into the construction area, 
would be necessary. Additional challenges include construction of the unique stacked baghouses in the 
congested Unit 2 area, and performing the majority of the Unit 2 installation work immediately adjacent 
to, under, and over the existing coal conveyors that provide coal to all three of the units at NGS.  


In order to relocate existing plant utilities to make room for the SCRs and baghouses, a short duration 
outage (estimated at about one week) may be required early in the construction phase. Since this is not 
one of NGS’s regularly scheduled outages, lost generation costs associated with this outage have been 
included in the cost estimate. No costs have been added for lost generation during the eight week 
major outage since this is one of NGS’s regularly scheduled outages. 


Engineering studies, project development, procurement, detailed engineering, design, construction, and 
startup schedules have been developed, assuming a target commercial operation of Unit 3 during a 
future three-year series of major outages. Separate schedules have been prepared for the SCR Option 
and SCR and Baghouse Option. Multiple lump sum construction contracting is assumed for the 
foundations, structural and mechanical construction, electrical / instrument & controls construction, 
testing and inspection, and final sitework. The schedule is structured to utilize construction-quality bid 
documents for the procurement of ductwork, structural steel, and foundations. Separate construction 
contracts are assumed for each unit. 


The conceptual cost estimates developed for the report are based on the developed general 
arrangements, preliminary equipment list, estimated quantities of materials, and budgetary quotes from 
vendors for major equipment. Unit costs of materials and the remaining equipment have been 
estimated based on S&L in-house data, vendor catalogs, industry publications such as Means and 
Richardson, and costs on other similar projects. The construction costs have been developed with input 
provided by Foster Wheeler. The estimated costs are based on the year 2010 price level, and include 
costs of equipment, materials, craft labor, indirect labor, overtime, per-diem, contractor’s general and 
administrative costs, contractor’s profit, A-E engineering, construction management, start-up, 
commissioning, owner’s costs, contingency, and allowance for funds used during construction 
(AFUDC). The owner’s costs include owner’s construction management, spare parts, legal support, 
owner’s insurance, lost generation during short outages, ammonia unloading facility at railhead, and 
sales taxes. Future cost escalation is not included in the estimates. The contingencies included in the 
cost estimates are based on a risk analysis using Monte Carlo simulations to obtain a 95% confidence 
level of not exceeding the budget. The AFUDC is calculated based on 2.43% annual percentage rate. 
Preliminary cash flows have also been developed. 







  
   


  ES-3 
  SL-010214 
  Revision D 


  
 
 


 
Navajo Report SCR and BH Cost Est Rev D.docx August 17, 2010
 Project No. 12656-001


 


• Table ES-1 is a summary of the 2010 capital cost estimates for the SCR Only Option. 
• Table ES-2 is a summary of the 2010 capital cost estimates for the SCR Only - With Dry 


Sorbent Injection Option. 
• Table ES-3 is a summary of the 2007 capital cost estimates for the SCR Only Option. 
• Table ES-4 is a summary of the 2010 capital cost estimates for the SCR and Baghouse Option. 
• Table ES-5 is a summary of the 2007 capital cost estimates for the SCR and Baghouse Option. 
 


The overall costs developed in this study are similar to the costs developed in the 2007 through 2009 
high level feasibility studies. Costs for the SCR Only Option decreased from the earlier studies since it 
has been determined that the existing ID fan motors and auxiliary power system have adequate 
capacity to support the new SCR systems. Typically, implementation of an SCR system would be 
expected to require new ID Fans and new transformers; however, these costs would not be incurred for 
the NGS SCRs. The fan and auxiliary power upgrades would be required for the SCR and Baghouse 
Option, thus, the reduced costs are not seen in the estimates for the SCR and Baghouse Option. The 
relative costs for the Unit 3 installations are higher in the current study than in the earlier studies 
because costs for common systems that support all three Units have been allocated to Unit 3. This 
study is considerably more detailed than the earlier high level feasibility studies. 


The total annualized costs presented in the December 2008 BART Analysis have been updated to 
reflect the revised capital and annual O&M costs for the three different options. Table ES-6 presents 
the updated annualized costs. 


 Unit 1  Unit 2  Unit 3 & Common  Total 


SCR  (Includes Sitework)  $            50,386,000  $            63,860,000  $            60,661,000  $          174,907,000 


Electrical and I&C  $              3,478,000  $              3,888,000  $              5,297,000  $            12,663,000 


Construction Equipment & Scaffolding  $            11,471,000  $            18,934,000  $            14,091,000  $            44,496,000 


Other Direct & Construction Indirect Costs  $            29,731,000  $            41,879,000  $            37,491,000  $          109,101,000 


Indirect Costs  $            38,481,000  $            50,135,000  $            46,699,000  $          135,315,000 


Contingency  $            15,224,000  $            23,052,000  $            18,559,000  $            56,835,000 


AFUDC  $              3,054,000  $              4,060,000  $              3,730,000  $            10,844,000 


Total Project Costs  $          151,825,000  $          205,808,000  $          186,528,000  $          544,161,000 


$/kw (812MW Gross) $187 $253 $230 $223 


$/kw (750MW Net) $202 $274 $249 $242 


Table ES-1 Summary of SCR Only Capital Cost Estimates
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 Unit 1  Unit 2  Unit 3 & Common  Total 


SCR  (Includes Sitework)  $            51,931,000  $            65,479,000  $            62,201,000  $          179,611,000 


Electrical and I&C  $              3,478,000  $              3,883,000  $              5,342,000  $            12,703,000 


Construction Equipment & Scaffolding  $            11,617,000  $            19,117,000  $            14,253,000  $            44,987,000 


Other Direct & Construction Indirect Costs  $            30,198,000  $            42,442,000  $            38,000,000  $          110,640,000 


Indirect Costs  $            39,066,000  $            50,825,000  $            47,298,000  $          137,189,000 


Contingency  $            15,537,000  $            23,445,000  $            18,882,000  $            57,864,000 


AFUDC  $              3,119,000  $              4,133,000  $              3,796,000  $            11,048,000 


Total Project Costs  $          154,946,000  $          209,324,000  $          189,772,000  $          554,042,000 


$/kw (812MW Gross) $191 $258 $234 $227 


$/kw (750MW Net) $207 $279 $253 $246 


Table ES-2 Summary of SCR Only - With Dry Sorbent Injection - Capital Cost Estimates


 


Unit 1 Unit 2 Unit 3 & Common Total 


SCR Only  $          188,000,000  $          254,000,000  $          188,000,000  $          630,000,000 


$/kw (812MW Gross) $232 $313 $232 $259 


$/kw (750MW Net) $251 $339 $251 $280 


Table ES-3 Summary of 2007 Capital Cost Estimate - SCR Only (Including Outage Costs)
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 Unit 1  Unit 2  Unit 3 & Common  Total 


SCR  (Includes Sitework)  $            49,653,000  $            63,370,000  $            60,514,000  $          173,537,000 


Baghouse  $            71,095,000  $            67,771,000  $            52,948,000  $          191,814,000 


Electrical and I&C  $            14,977,000  $            14,831,000  $            18,437,000  $            48,245,000 


Construction Equipment & Scaffolding  $            29,345,000  $            33,270,000  $            26,577,000  $            89,192,000 


Other Direct & Construction Indirect Costs  $            78,797,000  $            85,736,000  $            70,100,000  $          234,633,000 


Indirect Costs  $            77,981,000  $            86,030,000  $            73,737,000  $          237,748,000 


Contingency  $            42,484,000  $            51,247,000  $            38,092,000  $          131,823,000 


AFUDC  $              7,852,000  $              8,664,000  $              7,464,000  $            23,980,000 


Total Project Costs  $          372,184,000  $          410,919,000  $          347,869,000  $       1,130,972,000 


$/kw (812MW Gross) $458 $506 $428 $464 


$/kw (750MW Net) $496 $548 $464 $503 


Table ES-4 Summary of SCR and Baghouse Capital Cost Estimates


 
 
 


Unit 1 Unit 2 Unit 3 & Common Total 


SCR & Baghouse  $          288,000,000  $          434,000,000  $          288,000,000  $       1,010,000,000 


$/kw (812MW Gross) $355 $534 $355 $415 


$/kw (750MW Net) $384 $579 $384 $449 


Table ES-5 Summary of 2007 Capital Cost Estimate - SCR & Baghouse (Including Outage Costs)
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 SCR Option  SCR with DSI 
Option 


 SCR & 
Baghouse Option 


Unit 1 Total Capital Cost  $      151,825,000  $      154,946,000  $      372,184,000 
Annual Capital Cost
(Total Capital Cost x CRF)  $        17,597,000  $        17,958,000  $        43,136,000 


Annual O & M Cost  $          3,982,000  $          4,257,000  $          6,878,000 
Total Annual Cost  $        21,579,000  $        22,215,000  $        50,014,000 


Unit 2 Total Capital Cost  $      205,808,000  $      209,324,000  $      410,919,000 
Annual Capital Cost
(Total Capital Cost x CRF)  $        23,853,000  $        24,261,000  $        47,626,000 


Annual O & M Cost  $          3,982,000  $          4,257,000  $          6,878,000 
Total Annual Cost  $        27,835,000  $        28,518,000  $        54,504,000 


Unit 3 Total Capital Cost  $      186,528,000  $      189,772,000  $      347,869,000 
Annual Capital Cost
(Total Capital Cost x CRF)  $        21,619,000  $        21,995,000  $        40,318,000 


Annual O & M Cost  $          3,982,000  $          4,257,000  $          6,878,000 
Total Annual Cost  $        25,601,000  $        26,252,000  $        47,196,000 


Units 
1,2,& 3 Total Capital Cost  $      544,161,000  $      554,042,000  $   1,130,972,000 


Annual Capital Cost
(Total Capital Cost x CRF)  $        63,069,000  $        64,214,000  $      131,080,000 


Annual O & M Cost  $        11,946,000  $        12,771,000  $        20,634,000 
Total Annual Cost  $        75,015,000  $        76,985,000  $      151,714,000 


Capital Recovery Factor (CRF) = 0.1159
Based on an interest rate of 9.8% and amortization period of 20 years


Table ES-6 Levelized Annual Costs


 


The results of this study addressed the input received from the National Park Service (NPS) and EPA 
Region 9. The NPS complemented the level of technical rigor that went into the cost engineering work 
and acknowledged the soundness of the overall study methodology. The NPS provided several 
observations regarding control levels and applicability of the EPA Pollution Control Cost Manual 
(PCCM) estimates. These comments and the responses are included in Appendix P.  The PCCM was 
designed by EPA to be used on units 25MW to 600MW, and on “high dust” units that have only one 
reactor per combustion unit. NGS is larger than 600MW, would be a “low dust” application and would 
have two reactors per combustion unit. The PCCM cost model was not designed to be used on a unit 
similar to those found at NGS. But the NPS suggested that it might be helpful (while understanding the 
limitations of the PCCM) to calculate the cost using the PCCM so a relative comparison can be made 
between this project and other projects previously considered by EPA. When using the PCCM and 
adjusting the cost developed by a composite BLS price index, the PCCM predicts that the cost of an 
SCR on NGS Unit 1 in 2010 would be $47,844,624 or $64/kW (see Appendix P). Recent Surveys (data 
provided by NPS and public sources) of actual SCR installations show that costs for SCRs vary from 
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$100/kW to $300/kW. The cost developed in this study falls inside the reported range at $228/kW while 
the cost predicted by using the PCCM is outside the range. The NPS also participated in the July 20, 
2010 discussions with EPA. An NPS representative raised several questions that have been addressed 
in this report. These responses as well as responses to questions made by EPA in that meeting are 
also found in Appendix P. 
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1. GENERAL PLANT DESCRIPTION 


1.1 DESCRIPTION OF EXISTING PLANT 


NGS is located on the Navajo Indian Reservation near Page, Arizona. It consists of three (3) 
812-MW (gross) coal-fired units, which entered service in 1974, 1975, and 1976, respectively. 
NGS serves electric customers throughout the Southwest, and also supplies energy to pump 
water through the Central Arizona Project. 


The fuel for NGS is provided by Peabody Western Coal Company’s Kayenta Mine located 
approximately 50 miles to the east. The coal is delivered to the site via a dedicated rail from the 
coal mine to the plant. Cooling water for the station is supplied by nearby Lake Powell. 


Each of the three (3) existing units is equipped with stacked hot-side electrostatic precipitators 
(HESPs) for particulate control and FGD scrubbers for SO2 reduction. As part of a separate 
ongoing project, the units are also being retrofitted with low-NOX burners (LNBs) to reduce NOX 
emissions. 


1.2 OVERVIEW OF CONCEPTUAL AIR QUALITY CONTROL SYSTEMS (AQCS) 


To further reduce NOX emissions, selective catalytic reaction (SCR) systems, proven control 
technology for reducing NOX, would be required. 


1.2.1 SCR Option 


As part of a Best Available Retrofit Technology (BART) assessment for NGS, SCR systems are 
being evaluated. An SCR system requires a catalyst, which uses anhydrous ammonia injection 
to react with NOX present in the flue gas. This is a proven control technology for reducing NOX. 
In order to limit the increase in sulfur trioxide/ sulfuric acid (SO3/H2SO4) emissions, catalyst 
with ultra-low SO2 to SO3 oxidation (< @ 0-5% across reactor) would be procured for use in the 
SCR. 


In the event sorbent injection is required for mitigating SO3 emissions associated with SCR, a 
further study would have to be conducted to determine if the existing FGD system can remove 
the additional particulates that would be formed. 


1.2.2 SCR and Baghouse Option 


Under the SCR and Baghouse Option, the existing HESPs would remain in service and new 
polishing baghouses would be installed downstream of the air preheater and upstream of the 
existing wet FGD systems. This type of system consists of fabric bags, which hang from a 
tubesheet, which then collect particulate on the surface of the bag. At periodic intervals, 
compressed air is piped through the bags, inflating them to remove the captured material off the 
bag to be collected in hoppers below each compartment. This reduces the amount of particulate 
emissions and is a proven emissions control technology. 
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To reduce sulfur trioxide (SO3) emissions, S&L evaluated the cost of dry sorbent injection (DSI) 
systems on each unit. This type of system consists of sorbent storage, sorbent feed, and 
sorbent injection systems, which use either a calcium- or sodium-based sorbent to react with 
SO3 present in the flue gas. This offers significant reduction in the amount of sulfuric acid 
(SO3/H2SO4) emissions. 
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2. DESIGN BASIS 


2.1 GENERAL 


Site-specific design basis and criteria documents were developed for mechanical, electrical, 
I&C, and civil/structural work. The design basis document used in the development of the cost 
estimate is provided in Appendix A. 


A summary of key design parameters for the SCR catalyst and ancillary equipment sizing has 
been provided in Table 2-1 below.  The values in this table represent measured data, estimated 
concentrations based on engineering experience and judgment, estimated ammonia feed rates 
based on a specified slip, and the outlet NOx design point for maximum and minimum load. 


Table 2-1. SCR Design Criteria Summary 


SCR Design Criteria (Values typical for all Units) Units Maximum 
Load 


Minimum 
Load 


a.         Load MW 812 403 
b.         Heat Input to Boiler MBtu/hr 7,350 3,650 
c.         Flue Gas Mass Flow Rate lb/hr 7,308,000 3,629,000 
d.         Flue Gas Vol. Flow Rate  acfm 4,179,000 1,813,800 
e.         Pressure at SCR Inlet in. w.g. -11.25 -11.25 
f.   Flue Gas Temperature at SCR Inlet °F 670 500 
g.         Economizer Bypass  -- Yes* 
h.         Inlet NOx lb/MBtu 0.24 0.17 
i. Outlet NOx lb/MBtu 0.05 0.05 
k. SO2 Concentration at SCR Inlet ppmvd 621 602 
l. SO3 Concentration at SCR Inlet ppmvd 3.74 3.63 
m. Ammonia Injection Required lb/hr 550 173 
n. Design Ammonia Slip ppmvd 


@ 3% O2 
2 2 


o.   Estimated Flue Gas Composition to 
SCR 


      


  N2 vol% 71.45 71.59 
  O2 vol% 2.87 3.35 
  H2O vol% 11.81 11.58 
  CO2 vol% 13.79 13.40 
  SO2 ppmv 547 532 
  SO3 ppmv 3.30 3.21 
  HCl ppmv 0 0 
  HF ppmv 0 0 
* An Economizer bypass will be required to maintain minimum flue gas temperature of 580°F at the inlet of 
the SCR. 
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Table 2-2. SCR Option Design Emissions 


Emission  lb/mmBtu 


NOX Current Permit 
Current Operation 
SCR Design 


0.24 (1) 
0.20 to 0.22 (1) 
0.05 


  Notes: (1) Based on LNB in operations 
 


Table 2-3. SCR and Baghouse Option Design Emissions 


Emission  lb/mmBtu 


NOX Current Permit 
Current Operation 
SCR Design 


0.24 (1) 
0.20 to 0.22 (1) 
0.05 


Particulate matter: 
Total PM10 


Current Emissions 
Proposed Emissions 


0.06 
0.015 (2) 


  Notes: (1) Based on LNB in operations 
    (2) Based on polishing fabric filter. 


 


2.1.1 NOx Control 


NOX emissions would be controlled using SCR technology. The SCR system would be designed 
under ideal operating conditions to achieve an actual NOX emission rate of approximately 0.05 
lb/mmBtu to ensure compliance with an anticipated NOX limit of 0.07-0.08 lb/mmBtu on a 30-day 
rolling average. Margin is provided between the design target and the anticipated NOx limit to 
allow for normal operating fluctuations associated with minor equipment upsets, fuel 
characteristics impacting NOX generation, and SCR process delays due to load changes. 


2.1.2 Particulate Control 


Particulate emissions would be controlled on all three NGS units using the existing HESPs. The 
HESP systems have been designed to achieve an actual PM emission rate to ensure 
compliance with an anticipated PM limit of 0.05 lb/mmBtu on a 30-day rolling average. Margin is 
provided between the design target and the anticipated limit to allow for normal operating 
fluctuations associated with minor equipment upsets, fuel characteristics, and load changes. 


2.1.3 Sulfuric Acid Mist Control 


As a result of the potential installation of the new SCRs on all three NGS units to reduce NOX 
emissions below the projected permit limit, the uncontrolled sulfuric acid mist emissions would 
be expected to increase due to SO2 oxidation across the catalyst. In an effort to reduce the 
sulfuric acid mist emissions, the following measures are being considered: 
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1. Design the SCR for ultra-low SO2 to SO3 conversion catalyst which will limit SO2 oxidation to 


below 0.5% across the reactor.  This is expected to increase the particulate loading entering 
the wet FGD system.  The wet FGD system is expected to capture some portion of this 
particulate matter, which may be significant enough to prevent increasing the plant’s 
particulate emissions above a level that would affect the plant permit. 


2. If ultra-low conversion catalyst alone is not capable of preventing a significant increase in 
plant emissions of particulate matter, sorbent would be injected upstream of the existing wet 
FGD systems to react with the sulfuric acid to form sodium- or calcium sulfate. The WFGD 
system would again be required to capture the generated solids to prevent a significant 
increase in particulate emissions. 


3. In the event that sorbent injection upstream of the WFGD system is not sufficient enough to 
prevent a significant increase in particulate emissions, pulse jet fabric filters would be 
installed upstream of the existing WFGD systems.  Sorbent would be then injected and the 
resultant particulate captured in the baghouses. 


2.2 METEOROLOGICAL CRITERIA 


Site-specific meteorological criteria were included in the design basis and are provided in 
Appendix C. 


2.3 INDUSTRY CODES AND STANDARDS 


Systems, structures, and equipment would meet the latest codes and standards within the 
design basis in Appendix A. 


2.4 SUPPORTING DOCUMENTS 


Existing plant documentation, drawings, and operational data were utilized. These documents 
are listed in Appendix A. Select documents are included in Appendix O for future reference. 
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3. PLANT MECHANICAL SYSTEMS AND EQUIPMENT 


3.1 SERVICE WATER SYSTEM 


Based on S&L’s experience with SCR and baghouse retrofit projects, the ancillary systems for 
the SCR and baghouse have minimal service water demands. It is assumed that the existing 
plant service water system has adequate pressure and flow margin to meet the water 
requirements of the SCR Option or SCR and Baghouse Option. 


3.1.1 SCR Option 


For the SCR Option, service water would be utilized for wash down hose stations in the SCR 
area, as well as in the ammonia unloading area. 


3.1.2 SCR and Baghouse Option 


In addition to the service water requirements for the SCR Option, the SCR and Baghouse 
Option requires service water at wash down stations within the baghouse area and ID booster 
fan area. Service water would also serve as the cooling medium for the baghouse pulse-jet 
compressors; approximately 150 gallons per minute (gpm) per unit would be required for 
compressed-air cooling. The cooling water would be discharged to a local collection sump and 
admitted to the FGD process via the mist eliminator wash water tank. 


3.2 POTABLE WATER SYSTEM 


This cost estimate assumes that the existing plant potable water system has adequate pressure 
and flow margin to support additional users for the SCR Option or SCR and Baghouse Option. 


3.2.1 SCR Option 


The expected additional potable water users for the SCR include eyewash/emergency shower 
for the anhydrous ammonia storage area. 


3.2.2 SCR and Baghouse Option 


In addition to the potable water users for the SCR Option, the SCR and Baghouse Option 
requires potable water for eyewash/ emergency shower for the sorbent unloading area, as well 
as the waste silo area. 


Each of the eyewash stations and emergency showers stated above would require 
approximately 5-20 gpm. The new potable water distribution header for ancillaries would tie into 
the existing potable water header and be supplied by a new 2-inch, heat-traced, stainless steel 
header. 
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3.3 FIRE PROTECTION SYSTEMS 


Fire protection for new emissions control equipment would be provided by the existing NGS fire 
protection system; this includes fire pumps, yard piping, and hydrants. It is assumed the existing 
fire protection system has sufficient capacity to meet these new demands. 


3.3.1 SCR Option 


Fire protection for the SCR and auxiliary equipment would require fire hydrants located within 
50 feet of the SCR structure. The fire protection header would also be extended to the new 
ammonia unloading area and supply quench water for ammonia leak protection as well as an 
additional hydrant for fire protection in the area. 


3.3.2 SCR and Baghouse Option 


Fire protection for the baghouse and auxiliary equipment would require fire hydrants located 
within 50 feet of the baghouse structure. The baghouse would be designed with polyphenylene 
sulfide (PPS) fabric bags to minimize fire potential. PPS fabric bags are neither flammable nor 
combustible. A fire water standpipe would provide water to the penthouse area for use during 
outages when flammable materials may be present. 


The existing fire protection system would also be extended to the new unit auxiliary 
transformers (UATs) deluge system. 


Below-grade fire protection piping would be either 8-inch or 10-inch SDR 9 HDPE piping and 
would be buried below frost depth per National Fire Protection Association (NFPA) codes. 
Above-ground fire protection piping would be carbon steel. 


3.4 PLANT AND INSTRUMENT AIR SYSTEM 


3.4.1 SCR Option 


This cost estimate assumes the existing plant compressed air systems have adequate capacity, 
flow, and pressure margin, to meet the demand of new users for the SCR addition.  However, 
air receivers would be added to support the sonic horns used to clean the catalyst. 


3.4.2 SCR and Baghouse Option 


The addition of the baghouse adds a large air user to the plant. To meet the air consumption 
requirements for the pulse-jet cleaning system of the baghouse, 2 x 100%, oil-free, centrifugal 
compressors would be added per unit. These compressors would also provide compressed air 
to all new intermittent-user (valves, instruments, tools, etc.); therefore, no additional 
compressed-air load would be added to the existing plant compressed air systems. All air would 
be dried to -40°F dew point by implementing 2 x 100%, heated blower, purge-type regenerative 
desiccant dryers. 


All instrument air piping would be stainless steel. All service air piping would be carbon steel. 
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Refer to sketches MSK-1002-01, MSK-1002-02, MSK-1002-03, MSK-2002-01, MSK-2002-02, 
MSK-2002-03, MSK-3002-01, MSK-3002-02 and MSK-3002-03 in Appendix D for conceptual 
design. 


3.5 FLUE GAS SYSTEM 


3.5.1 General Ductwork 


For the purposes of the capital cost estimate, all existing ductwork is considered to be capable 
of safely withstanding its original design conditions. No degradation of the ductwork from 
corrosion or other deleterious effects is considered to be present in the system, and no 
resources are proposed for a condition assessment of the existing ductwork or for reinforcement 
of the ductwork due to loss of material from corrosion or similar effects. 


All new ductwork would be sized to achieve a flue gas velocity of approximately 60 feet per 
second (fps). In areas where new ductwork would be restricted in size due to space constraints 
placed by existing items, higher velocities would be experienced. Thicker duct plate would be 
used to account for erosion in areas where the velocity exceeds 90 fps. 


3.5.2 SCR Option Ductwork 


The new ductwork to and from the SCR systems would exit the existing system downstream of 
the HESPs and would tie back in upstream of the air heaters. These tie-ins would occur in the 
available space between the existing boiler building and the HESPs. For Units 1 and 3, common 
ducts would be routed to and from SCR systems that are located side-by-side to one side of the 
unit, to the north for Unit 1, and to the south for Unit 3. For Unit 2, the SCR systems would be 
separated from each other because of space constraints in this congested area, and separate 
ductwork would run on the north and the south sides of the HESP to and from the separate SCR 
systems placed to the north and south of the Unit 2 chimney. 


Revised internal pressures in the existing flue gas ductwork that would result from adding the 
new SCR systems into the system and modifying the existing ID Fans would require 
reinforcement of the existing ductwork downstream of the added SCR systems. Sufficient 
controls on the existing ID Fans would ensure that there are no changes to internal pressures in 
the existing ductwork upstream of the SCR systems, back to and including the boiler; therefore, 
no reinforcement would be needed for this portion of the ductwork because of revised 
pressures. 


3.5.3 SCR and Baghouse Option Ductwork 


The new ductwork to and from the baghouses would exit from and return into the existing 
ductwork in the area of the abandoned chimneys that runs from the existing ID Fans to the FGD 
area. For both Units 1 and 3, common ducts would be routed to the two baghouses that would 
be located side-by-side to one side of the unit, to the north for Unit 1, and to the south for Unit 3, 
and then on to two ID Booster Fans, also placed side-by-side, before returning to the existing 
ductwork that leads into the FGD system. For Unit 2 the baghouses would be stacked due to the 
extreme congestion in the area and the new ID Booster Fans would be separated, but the 
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ductwork routing, though complicated by the tight arrangement, would be essentially the same 
as on the other two units. 


Refer to sketches MSK-1005-01, MSK-1005-02, MSK-2005-01, MSK-2005-02, MSK-3005-01 
and MSK-3005-02 in Appendix D for conceptual design. 


3.5.4 SCR Option Mechanical 


Currently, the NGS flue gas path contains four (4) centrifugal ID fans arranged in parallel. The 
original maximum continuous rating (MCR) of these fans is 675,000 acfm at 33.8 inwg. Post-
scrubber installation, NGS performed an As-Tested Condition for the ID fans and the results 
identified the new duty point as 895,103 acfm at 31.41 inwg., with a motor operating point of 
6,143 horsepower (hp). 


Based on preliminary calculations, the existing ID fans would require modifications to support 
installation of the new SCR systems. The existing rotating element would be replaced with a 
new rotor assembly (impeller, shaft, and bearings). The new rotating element would be tipped to 
meet the additional pressure drop requirements of the SCR. Typically, tipping a centrifugal ID 
fan would result in the following performance increases: 7.5% flow, 15% pressure, and 27.5% 
brake horsepower.  The increased flow and pressure requirements that would be seen by the 
addition of an SCR are within the 7.5% and 15% increases.  The larger horsepower requirement 
is acceptable for the existing fan motor.  See Section 4.0 for additional information on the 
electrical systems.  


The existing air heater would need to be evaluated to determine if it would properly perform at 
the modified ID fan duty point or need other modifications to address ammonium bisulfate 
fouling or acid condensation associated with the SCR. The cost estimate includes allowances to 
perform an air heater evaluation and structural reinforcement. These allowances would be 
refined upon detailed engineering and evaluation by the original air heater manufacturer. 


3.5.5 Air Heater Evaluation 


3.5.5.1 Ammonium Bisulfate Formation 
 


The application of SCR technology to coal fired power plants creates a potential problem with 
the deposition of ammonia-sulfur salts in the air preheater.  The vanadium/titanium-based 
catalyst will oxidize a portion of the sulfur dioxide in the flue gas to sulfur trioxide.  Under certain 
temperature and concentration conditions, the sulfur trioxide will react with ammonia slip from 
the SCR reactor to form ammonium bisulfate (ABS) which will tend to deposit in the air 
preheater.  If favorable conditions for this reaction persist and ammonia concentrations reach 
higher than the designed value of 2 ppmvd, frequent washings of the air preheater may be 
required. 
 
The installation of an SCR system will result in a small amount of ammonia gas and an increase 
in sulfur trioxide gas over the current level entering the air preheaters.  Currently, sulfur trioxide 
(SO3) calculations and test data performed for these Units show that the SO3 is approximately 4 
ppmvd at 3% O2 entering the APH.  The catalyst for the new SCR systems would be specified 
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with a maximum SO2 conversion of 0.50% for the entire system.  This results in an SO3 
concentration at the APH of approximately 6 ppmvd at 3% O2. Under certain conditions, SO3 
and ammonia will react to form ammonium bisulfate (ABS) according to the following reaction: 
 


NH3 + SO3 + H2O = NH4HSO4 
 
ABS will condense from the gas stream and form a sticky deposit on the heat transfer surface of 
the air heater at a temperature of 380 – 450 °F.   Fly ash particles will tend to stick to the ABS 
resulting in the gradual pluggage of the APH.  Depending on the degree of formation, this could 
result in an increase in APH pressure drop (impacting ID fan capacity) as well as a loss in 
thermal efficiency for the plant. 
 
ABS is also corrosive (acidic in nature) and will corrode the mild steel or low alloy steel surfaces 
of the APH. The rough surface of corroded material further enhances the deposition of 
ammonium bisulfate and accelerates the plugging mechanism.   
 


3.5.5.2 Ammonium Bisulfate Impact on Navajo SCR Systems 
 


Combustion of the design fuel and SCR installation will result in the following gas conditions 
leaving the economizer and entering the APH. 


 


 Economizer Outlet SCR Outlet/APH Inlet 
Temperature at Full Load (°F) 670 673 
SO3 Concentration (ppmvd @ 3% O2) 3.72 6.18 


 


The oxidation of SO2 to SO3 is controlled by the catalyst formulation; the catalyst must be 
formulated to restrict oxidation of SO2 to control SO3 production which could accelerate ABS 
formation and/or create a visible sulfuric acid plume. A design of 2 ppmvd (@ 3% O2) ammonia 
slip at the end of catalyst life and an oxidation rate of 0.50% across the reactor was chosen to 
minimize SO3 formation to prevent any substantial increase in sulfuric acid emissions.  Low 
ammonia slip also minimizes the nitrogen content in scrubber water blowdown.  If SO3 is limited 
to less than 7 ppm, the possibility of having blue plume is eliminated.   
 
The concentration of ammonia and SO3 will vary across the cross sectional area of the reactor 
exit. If areas with higher concentrations of NH3 coincide with areas of high SO3 concentrations 
then ABS may form in localized areas of the air preheater. This phenomenon must be taken into 
consideration when selecting APH protection such as enameled coatings.  A typical formation 
diagram for ammonium bisulfate is shown in Figure 1.  
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The ABS dew point while burning bituminous fuel will be in the temperature range of 590 °F to 
615 °F.  The melting point of this compound is 300 °F and the boiling point is 914 °F. Once this 
compound is formed, it will be in liquid phase above 300 °F and the solid phase below 300 °F. 
Therefore, all metal surfaces of the APH from 300 °F to 615 °F will be subjected to ammonium 
bisulfate deposition.    
 
The following conclusions can be drawn from Figure 1: 


 
• The formation diagram for ammonium bisulfate suggests the potential formation of ABS 


in the air preheater.  
• The likelihood of ammonium bisulfate formation is higher at the end of catalyst life 


when firing the higher sulfur fuels, when the ammonia slip would be close to 2 ppm in 
conjunction with approximately 6 ppmvd SO3.  







 
   


  3-7 
  SL-010214 
  Revision D 


  
 
 


 
Navajo Report SCR and BH Cost Est Rev D.docx August 17, 2010
 Project No. 12656-001


 


 
The following design elements for the Navajo SCR system are important to reduce the likelihood 
that ammonia bisulfate formation will be a significant problem: 
• Ensuring proper catalyst design, including 2 ppm ammonia slip and maximum 0.50% 


oxidation of SO2 to SO3 across the SCR reactor. 
• Ensuring NH3/NOx distribution requirements are demonstrated in the CFD and physical 


flow modeling to avoid large areas of high ammonia slip. 
 


3.5.5.3 Air Heater Basket Recommendation 
 


Based on normal catalyst performance, NH3 slip should range from a negligible value during 
initial operation to less than 2 ppm towards the end of the catalyst life.  After the SCR 
installation, SO3 levels as high as 6 ppmvd at 3% O2 are possible. SRP currently operates on a 
three year outage cycle which will require the SCR systems to operate at close to 100% 
reliability. Significant ABS formation and air heater plugging is not expected due to the low SO3 
content in the flue gas and it is not likely that a change in air heater basket material would be 
required. 


3.5.6 SCR and Baghouse Option Mechanical 


For existing ID fan configuration and performance data, see subsection above. 


Based on preliminary calculations, new ID booster fans would be required to support the 
installation of the SCR and baghouse. The existing four (4) 25% (per unit) ID fans would be 
used (without modifications) and two (2) new 50% axial ID booster fans (per unit) would be 
added between the baghouse and wet scrubber inlet. The existing ID fan would operate at a 
decreased pressure rise in order to achieve a pressure of -1 in. W.C. at the fan discharge. It is 
an industry standard to maintain baghouses under negative pressure to avoid flue gas leakage. 


ID fan isolation would be accomplished by double-louver-type and guillotine isolation dampers 
at the ID fan inlet and outlet, respectively. 


Refer to the design basis document (Appendix A) for assumptions and inputs as well as 
sketches MSK-1005-01 and MSK-1005-02 (Appendix D). 


3.6 SORBENT INJECTION SYSTEM 


3.6.1 SCR Option 


Sorbent injection for SO3 control would utilize hydrated lime for the SCR Option. The hydrated 
lime would be delivered to one of three silos located near each unit’s injection point. The 
sorbent would be offloaded from the truck via onboard blowers, into a seven-day storage silo. 
The hydrated lime would then be transferred from the storage silo to the ductwork injection point 
via 2 x 100% blowers provided at each sorbent storage silo. Sorbent can be injected either 
upstream or downstream of the air preheater; for Navajo, sorbent will be injected upstream of 
the air preheater. Carbon steel pipe would be used to transfer the hydrated lime to the ductwork 
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and carbon steel injection lances would be utilized to get satisfactory distribution within the duct. 
The sorbent would be collected and removed from the flue gas stream in the existing wet FGD. 


3.6.2 SCR and Baghouse Option 


Sorbent injection for SO3 control would utilize a sodium-based sorbent, such as trona, for the 
SCR and Baghouse Option. The trona would be delivered to one of three silos located near 
each unit’s injection point. The sorbent would be offloaded from the truck via onboard blowers, 
into a seven day storage silo. The trona would then be transferred from the storage silo to the 
ductwork injection point via 2 x 100% blowers provided at each sorbent storage silo. Sorbent 
can be injected either upstream or downstream of the air preheater; for Navajo, sorbent will be 
injected upstream of the air preheater.  Carbon steel pipe would be used to transfer the trona to 
the ductwork and carbon steel injection lances would be utilized to get satisfactory distribution 
within the duct. Further evaluation is required to determine if the sorbent can be collected in the 
existing wet FGD. If the FGD will not adequately remove the sorbent then the SCR plus 
baghouse option would have to be used. 


Refer to sketches MSK-1004-01, MSK-2004-01 and MSK-3004-01 in Appendix D for conceptual 
design. 


3.7 SCR 


3.7.1 SCR Reactors 


Preliminary calculations indicate that 2 x 50% SCR reactors would be required for each unit. 
Each SCR reactor would be of a 4-catalyst layer design, with only 2 layers being initially loaded. 
The SCR would be designed to operate with ultra-low SO2-to-SO3 conversion catalyst, using 
sonic horns to keep the catalyst levels clean.  Additionally, vacuum cleaning lines would be 
installed with each reactor.  These lines would be routed to a terminal point where a vacuum 
truck could be hooked up to assist in cleaning a reactor during an outage. Each SCR reactor 
would have an economizer inlet flue-gas side bypass, to ensure that the flue gas temperature is 
above 580°F at the reactor inlet. No reactor bypass would be provided.  The economizer inlet 
flue-gas side bypass would be designed with double-louver-type isolation dampers and seal air.  
Feedwater recirculation may also be used to increase the flue gas temperature above 580 ºF.  
During detailed design, both options would be evaluated, and the most cost effective option 
would be selected.  The cost of a feedwater recirculation modification is typically less than an 
economizer bypass, which is the basis for the estimate,   


Anhydrous ammonia has been chosen as the reagent for this study. Additional studies will be 
needed to better understand the costs and the risks associated with the options of anhydrous 
ammonia, aqueous ammonia, and urea. The anhydrous ammonia is delivered in liquid form, and 
then vaporized to form gaseous ammonia. Approximately 550 lbs/hr of gaseous ammonia would 
be required per unit (275 lbs/hr per reactor). 


3.7.2 Anhydrous Ammonia Delivery and Transfer 


The delivery and transfer of anhydrous ammonia is the same both for the SCR Option and the 
SCR and Baghouse Option. 
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Anhydrous ammonia would be delivered to the site via truck to a common ammonia unloading 
area located to the south of Unit 3. Anhydrous ammonia is a liquid, and would be unloaded via 
onboard truck pumps into one of three (3) bullet-type storage tanks. Each storage tank would be 
sized for 14 days of continuous operation at full load for one unit. 


Each tank would have one dedicated pump to transfer the liquid anhydrous ammonia from the 
common storage area to each unit. In addition, one backup pump would be cross-tied to each 
tank to provide redundancy for each unit. The 4 x 33% pump arrangement maximizes operator 
turndown flexibility. The anhydrous ammonia would be transferred to each unit via special 
double-walled pipe utilizing leak detection cable located aboveground on a pipe rack. The 
interior pipe would be stainless steel and would be the primary carrier for the anhydrous 
ammonia. A larger-diameter carbon steel pipe is utilized on the exterior to keep leaks contained. 


3.7.3 Anhydrous Ammonia Vaporization and Injection 


The vaporization and injection of anhydrous ammonia is the same both for the SCR Option and 
the SCR and Baghouse Option. 


The anhydrous ammonia is pumped to the vaporizer skid at each reactor. Each vaporizer skid 
consists of two vaporizers with each skid requiring 1,500 lbs/hr of low pressure steam, provided 
from the corresponding unit’s low-pressure steam system. 


The gaseous ammonia leaves the vaporizer and mixes with dilution air for final reactor injection. 
Each vaporizer skid includes its own dilution air blower skid, with 2 x 100% blowers on each 
skid. The dilution air is heated with steam to match the temperature of the gaseous ammonia, 
and then blown to a static mixer, where it is mixed with the vaporized ammonia. This mixture 
(5% ammonia and 95% air) is then blown to the ammonia injection grid at one of the SCR 
reactors. 


3.7.4 Low-Pressure Steam for Vaporizer 


Low-pressure steam required for the vaporizer is the same both for the SCR Option and the 
SCR and Baghouse Option. 


The low-pressure steam required for each vaporizer would be provided from the corresponding 
unit’s low-pressure steam system. Once the steam has been used to vaporize the ammonia, it 
would be discharged to a local condensate storage tank. The condensate storage tank would 
discharge to a collection sump and the contents pumped to the mist eliminator wash water tank 
for reuse. 


Refer to sketches MSK-1003-01, MSK-2003-01, MSK-3003-01 and MSK-3003-2 in Appendix D 
for conceptual design. 
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3.8 PULSE-JET FABRIC FILTER (BAGHOUSE) 


3.8.1 Baghouse 


A baghouse system would be installed downstream of the existing ID fans and upstream of the 
new ID booster fans on all three units. Flue gas enters on the bottom half of the baghouse 
through an inlet plenum system. The gas rises through the baghouse and the particulates, 
generated by the reaction between the airborne SO3 and injection sorbent, are collected on the 
outside of the filter bag. The gross air-to-cloth ratio would be designed to be 6:1. The cleaned 
flue gas discharges into a common outlet plenum and exits the baghouse casing through the 
upper half of the baghouse, on the same side as the inlet. 


The baghouse system would consist of two casings, with each casing equipped with eight 
compartments. Each compartment contains a number of PPS filter bags (such that the air-to-
cloth ratio is 6:1) and can be isolated by the use of and inlet and outlet damper. The bags are 
cleaned by the use of 2 x 100% air compressors (with 2 x 100% dryers and 2 x 100% 
receivers), which are common to both casings. 


The pulse-jet cleaning cycle is activated when the pressure drop across a casing is higher than 
the predetermined set point. The pulse-jet cleaning cycle requires compressed air to be sent 
sequentially into rows of cleaning headers, located just above the tops of the filter bags. As the 
compressed air is blown through a bag, the solids on the outside of the filter bag are released. 
These solids are then collected in hoppers located directly below the bags in each 
compartment. A dust detector is installed within each compartment to detect an increase in 
particulate emissions due to a damaged filter bag. Damaged filter bags can be replaced while 
the baghouse is on line by isolating the necessary compartment by closing the inlet and outlet 
dampers. 


Each baghouse system would be equipped with an internal bypass for emergency situations 
where the flue gas temperature rises above the maximum bag temperature, which in this case 
(PPS bags), is 375ºF. In this event, a poppet damper system connecting the inlet and outlet 
ductwork would fail open, opening up a path between the inlet and outlet plenum. 
Simultaneously, the inlet and outlet isolation dampers to each compartment would fail closed. 
This combination would protect the bags from the hot flue gas, while also providing an open gas 
path through the baghouse. 


3.8.2 Waste Collection and Disposal System 


For each unit, the baghouse waste would be transported from the individual compartment 
hoppers to a storage silo. The solid waste would be emptied from the hoppers via vibrators and 
discharged into a pipeline collection system that runs underneath each of the hoppers. 


The solid waste would be transported in these lines via pneumatic blowers. Due to the physical  
arrangement, Unit 1 would require 2 x 100% blowers, while Units 2 and 3 would utilize a 3 x 
50% setup (per unit). The waste storage silos would be sized for a 7-day storage capacity and 
would utilize 2x100% blowers to provide air to the fluidizing trays on the silo floor. The waste 
material would be removed from the silo and mixed with water using pin/paddle mixers, 
discharged into a truck and disposed into a plant landfill. 
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Refer to sketches MSK-1006-01, MSK-2006-01 and MSK-3006-01 in Appendix D for conceptual 
design. 
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4. PLANT ELECTRICAL SYSTEMS AND EQUIPMENT 


4.1 CODES AND STANDARDS 


Electrical equipment and systems provided would be supplied by qualified and experienced 
manufacturers. Electrical equipment and systems would be of proven design and successfully 
used on power plant projects. The design and specifications would be in accordance with 
applicable regulations and applicable local codes and ordinances. Electrical equipment would 
meet the latest codes and standards. 


Design practices at the existing plant would be utilized as deemed appropriate. 


4.2 ELECTRICAL POWER SUPPLY SYSTEMS 


The methods for powering each of the options are discussed below: 


4.2.1 SCR Only Option (Each of Units 1, 2, and 3) 
• The one-line diagrams for all three units and for the common facility are represented on 


drawing ESK-1000. 
• Utilize existing ID fan motors. 
• Two (2) unit station transformers (USTs) per unit fed from existing 4.16-kV switchgear. 
• 480-V switchgears and motor control centers (MCCs) per unit. 
• Common loads for the anhydrous ammonia system fed from existing 480-V buses 


LSPA/LSPB. 


4.2.2 SCR and Baghouse Option (Each of Units 1, 2 and 3) 
• The one-line diagrams for all three units and for the common facility are represented on 


drawings ESK-1001 SHT. 1, 2 and 3. 
• One (1) three-winding unit auxiliary transformer (UAT) per unit. 
• Two (2) 13.8-kV switchgears per unit. 
• Two (2) 13.8-kV common switchgears for startup and shutdown. 
• Two (2) 4.16-kV switchgear extensions per unit. 
• Two (2) USTs per unit fed from extension of existing 4.16-kV switchgear. 
• 480-V switchgear and MCCs per unit. 


4.3 BASIC ELECTRICAL SYSTEM 


4.3.1 SCR Option 


The electrical auxiliary power system would be designed to utilize the existing sources 
where applicable. The ID fan motors for each unit have spare capacity and therefore 
would be reused in conjunction with a retrofitted fan. New 4.16/0.48-kV USTs would be 
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fed from the existing FGD 4.16-kV switchgear located in the FGD pump house of each 
unit. These transformers would provide the auxiliary power to 480-V switchgear and 
MCCs required for the SCR system loads. 


The ammonia delivery system associated with the installation of the SCRs for each of 
the three units would be located at the south end of the power plant. The ammonia 
delivery system would require new 480-V MCCs. The MCCs would be powered from the 
existing switchgears LSPA and LSPB located in the limestone preparation enclosure. 


Refer to drawings ESK-1000 SHT. 1 in Appendix F for the one-line diagrams for all three 
units. 


4.3.2 SCR and Baghouse Option 


New ID booster fans estimated to be 10,000 hp would be required for each unit to 
overcome the pressure drop through the new baghouse. The new booster fans cannot 
be supported from the existing UATs. It is therefore necessary to add one (1) new UAT 
and two (2) 13.8-kV switchgears for each unit to distribute power to the new ID booster 
fans. 


Two (2) additional common switchgears would be added for unit startup and shutdown, 
and would be located in a common power distribution center (PDC) enclosure. The new 
common 13.8-kV switchgears would be powered from the existing station service 13.8-
kV buses SSA and SSB. 


An extension of the 4.16-kV switchgear bus would be required to provide the required 
quantity of feeders for the new auxiliary air compressor and 4.16/.48-kV UST. 


The 480-V system loads would be fed from a pair of new 4.16-kV to 480-V transformers 
for each unit. The transformers would feed loads associated with the baghouse, SCR, 
and the ID booster fans. 


Refer to drawings ESK-1001 SHT. 1, SHT. 2, and SHT. 3 in Appendix F. 


4.4 AUXILIARY POWER SYSTEM PERFORMANCE 


4.4.1 SCR Option 


The auxiliary power system for the SCR Option simply consists of addition of 4.16-kV to 
480-V transformers tied to the existing plant auxiliary system and, hence, does not 
require extensive study. The 480-V transformers would be selected to perform similarly 
to the existing 480-V system at the plant. 


The capacity of each 480-V UST would be such that it would carry the entire load 
connected to the switchgear lineup with the other transformer out of service. 
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4.4.2 SCR and Baghouse Option 


The auxiliary power system for the SCR and Baghouse Option would be designed to 
provide an adequate and reliable power supply to the plant's electrical auxiliary loads. 
The system would be designed to handle auxiliary load requirements under all plant 
operating modes and under the contingency of the loss of any of its UATs. 


The auxiliary power system would consist of the main components and subsystems, 
such as UATs and USTs, medium- and low-voltage distribution systems, motors, and 
other electrical loads. 


The design of the auxiliary power system would be based on results of an Auxiliary 
Power System Study. The results of the study would determine the new UAT MVA 
ratings, auxiliary power system voltages, auxiliary transformer impedances, the short 
circuit rating at each voltage to achieve acceptable steady state voltage regulation at 
each power system bus, and to achieve acceptable voltage regulation during motor 
starting. The study would consider reasonable contingency operating conditions such as 
a single transformer out of service. The study would also consider full-load operation as 
well as startup and shutdown of the unit. 


The auxiliary power system study would use the following criteria to establish acceptable 
performance: 
• The total capacity of the UAT would be sufficient to supply both ID booster fans for 


the SCR and Baghouse Option. The remaining auxiliary loads would be fed from the 
existing UATs and the existing plant auxiliary system. The existing auxiliary system 
would be checked for adequate performance. 


• The capacity of each 480-V UST would be such that it would carry the entire load 
connected to the switchgear lineup with the other transformer out of service. 


• The momentary and interrupting short circuit duty on the auxiliary system circuit 
breakers would be within the corresponding breaker and switchgear ratings. 


• The short circuit evaluation would be based on: 
⎯ A pre-fault voltage of 105% system nominal operating voltage. 
⎯ Maximum operating load. 
⎯ Motor contribution to the fault current would be included in accordance with 


the applicable ANSI/IEEE standards. 
⎯ Transformer impedances would reflect negative manufacturing tolerance. 


• Steady state voltage regulation during normal plant operation would be limited to a 
maximum of 110% of equipment rating during maximum system voltage and 
minimum bus loading, and would not fall below 90% of equipment rating during 
minimum system voltage and maximum bus loading. 


• During motor starting, the voltage dip for medium-voltage motors would be limited to 
80% of motor-rated voltage at the motor terminals when starting the largest single 
motor with maximum load on the bus. On the 480-V buses the level of voltage dip 
during motor starting would be limited to 80% of motor-rated voltage at the motor 
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terminals when starting the largest single motor with maximum load on the bus. 
Additionally, the bus voltage at the MCCs would not be less than 85% of bus-rated 
voltage. 


• The voltage regulation calculations would consider the minimum system operating 
voltage, maximum bus loading, and positive manufacturing tolerance for transformer 
impedance. 


• The voltage level on the auxiliary buses during bus transfer would be sufficient to 
allow the reacceleration of the transferred medium voltage and low voltage motors in 
groups. 


• The medium-voltage fast transfer scheme would be used for all bus transfers and 
would follow the scheme being utilized at the existing plant. 


4.5 AUXILIARY POWER SYSTEM EQUIPMENT 


4.5.1 SCR Option 


All of the SCR auxiliary loads would be supplied from two (2) 4.16-0.48-kV USTs per 
unit. The 4.16-0.48-kV USTs would be connected to the existing 4.16-kV FGD 
switchgear. Feeds from the USTs to the doubled-ended switchgears would be made by 
cable bus. The 480-V switchgears would be located in their associated unit’s pump 
building, where space is available for future equipment. 


The main 480-V buses would be connected via a tie breaker. The 480-V switchgears 
would feed MCCs that in turn would feed all the 480-V motor and other loads. The 480-V 
switchgear and MCC current interrupting rating would be equal to or less than 65 kA. 


MCCs would be radial-fed with no interconnecting ties between MCC buses. For Units 1 
and 3, the 480-V MCCs would be located in new PDCs positioned near the SCRs. For 
Unit 2, where the SCRs are in relative close proximity to the Unit 2 pump building and 
there are space constraints on the ground for a PDC, the 480-V MCCs would be located 
in the Unit 2 pump building, where space is available for future equipment. 


Anhydrous ammonia system loads would be fed from new MCCs. The 480-V MCCs 
would be located in a new PDC positioned near the anhydrous ammonia delivery area. 


4.5.2 SCR and Baghouse Option 


During normal operation, the new ID booster fans would be supplied with power from 
one (1) new three-winding 26-14.9-kV UAT for each unit. The HV winding of the UATs 
would be fed by tapping into the existing isolated phase bus ducts (IPBs). Each LV 
winding would feed a separate new 13.8-kV switchgear bus. 


13.8-kV buses would be sized to accommodate the maximum rating of the new UAT 
windings. The 13.8-kV switchgears would be located in new PDCs. Refer to the General 
Arrangement drawing (Appendix I) for PDC location. 
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During startup and shutdown, the new 13.8-kV buses that feed the ID booster fans 
would be fed from existing main station service (MSS) and reserve station service (RSS) 
transformers. MSS and RSS distribution would be supplied via two (2) new common 
13.8-kV switchgears that would be tied to each unit switchgear by means of cable bus. 
The 13.8-kV Common switchgear would be located in a new PDC. Refer to the General 
Arrangement drawing (Appendix I) for PDC location. 


An extension of the existing 4.16-kV switchgear buses would be required. The buses to 
be extended are shown on One Line Drawings ESK-1001 SHT 1, 2 and 3 (Appendix F). 
Switchgear feeders would be added to provide feeds for the new 4-kV auxiliary air 
compressors associated with the baghouse and to service the 4.16-kV - 480-V 
transformers. 


Two (2) 4.16-.48 kV USTs per unit would be required to service the 480-V loads. The 
4.16-.48 kV UST would be connected to the extensions of the existing 4.16-kV FGD 
switchgear as described above. Feeds from the USTs to the double-ended switchgears 
would be made by cable bus. The 480-V switchgears would be located in their 
associated unit’s pump building, where space is available for future equipment. 


480-V MCCs would service all smaller 480-V loads for the baghouse, SCR, and ID 
booster fans. For Units 1 and 3, the 480-V MCCs dedicated for SCR loads would be 
located in new PDCs positioned near the SCRs. Since the baghouse and ID booster 
fans are in relative close proximity to the unit pump buildings, the 480-V MCCs 
dedicated for baghouse and ID booster fan loads would be located in the unit’s pump 
building, where space is available for future equipment. All 480-V MCCs for Unit 2 would 
be located in the Unit 2 pump building, where space is available for future equipment. 


Anhydrous ammonia system loads would be fed from new MCCs. The 480-V MCCs 
would be located in a new PDC positioned near the anhydrous ammonia delivery area. 


4.6 DC POWER SUPPLY SYSTEM 


The DC power supply system would consist of sealed-type VRLA batteries. The batteries would 
be sized to handle the duty cycles determined in the final design. All batteries would have 
design margin for future loads. Batteries would be able to supply full-duty cycle load for no less 
than two hours after loss of the charging system. Each battery would be furnished with two 
battery chargers. The battery chargers would be redundant. The batteries would be installed 
within the electrical equipment rooms. 


Overcurrent protective devices would be provided in DC distribution panels with an interrupting 
capacity greater than the maximum available short circuit current. All cables in the DC 
distribution system would be designed to withstand the maximum available short circuit current. 


The DC power system would feed the emergency bearing pumps for the ID booster fans, 
uninterruptible power supply (UPS) systems, and the control power for switchgear. 
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4.7 UNINTERRUPTIBLE AC POWER SYSTEM 


The uninterruptible AC power system would consist of a system that would provide regulated 
sinusoidal voltage to critical loads during normal and off-normal operations, as well as isolation 
of critical loads from transients generated on the plant electrical auxiliary system. The system 
would act as a source of uninterruptible power to critical loads in the event of failure of the 
normal AC power sources. The system would be designed with sufficient capacity to provide the 
peak demand currents of the connected loads and to clear branch circuit faults without adverse 
effects on the system. The system would include AC input rectifier, inverter, bypass power 
supply, static transfer switch, manual bypass switch, and UPS distribution panel boards with 
fast-acting current limiting type circuit breakers and fuses. 


The UPS system would provide power to electrical loads, such as the DCS and instrumentation 
and controls, which require a regulated and AC uninterrupted power source. 


4.8 ELECTRICAL CONTROL AND PROTECTION 


Protective relaying systems would be designed to protect all electrical equipment in the main 
and auxiliary power supply systems. Protection would be provided for transformers as well as 
for the auxiliary power system and the loads connected to the auxiliary power system. The 
protective relay system would remove and alarm abnormal operating conditions occurring on 
equipment designed for voltage transformation, energy conversion, and distribution of electrical 
power, as well as limit damage to faulted or overloaded equipment. The protective relaying 
system would be a coordinated application of multifunction relays. All protective relays would be 
selected to coordinate with protective devices supplied by manufacturers of major equipment, 
as well as the thermal limits of electrical conductors and electrical equipment, such as 
transformers and motors. 


4.9 COMMUNICATION SYSTEM 


Communication systems for the new facilities would follow the existing plant communication 
systems. It is expected that the communication system extensions would be required for the 
following: 
• Paging system 
• Fire alarm and other signal systems 
• Commercial telephone system 


4.10 LIGHTING AND MAINTENANCE POWER SYSTEM 


The lighting power system would consist of normal AC lighting, DC emergency lighting, and 
convenience receptacles. The lighting system would follow the lighting system at the existing 
plant. The lighting system would provide illumination for SCR and baghouse operation and 
maintenance under normal conditions, means of egress under emergency conditions, and 
emergency lighting in the equipment rooms to perform manual operations during a power 
outage of the normal power source. Emergency egress lighting would be powered self-
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contained battery packs, depending on the physical location of the emergency light fixture. 
Panelboards would be located indoors. 


A maintenance welding system powered from the new 480-V system would be provided 
throughout the SCR and baghouse areas. 


4.11 GROUNDING SYSTEM 


The station grounding system would be extended with an interconnected network of bare solid 
copper conductors and copper ground rods. The systems would be designed to protect plant 
personnel and equipment from the hazards that can occur during power system faults and 
lightning strikes. 


Major equipment items, such as switchgear, unit substation transformers, MCCs, and control 
panels, would have integral ground buses, which would be connected to the station ground grid. 
Electronic panels and equipment, where required, would be grounded utilizing an insulated 
ground conductor connected in accordance with the manufacturer's recommendations. The 
grounding system would be designed in accordance with applicable IEEE standards and would 
be installed in accordance with the NEC. 


4.12 LIGHTNING PROTECTION SYSTEM 


The lightning protection design would be in accordance with NFPA 780. Lightning protection for 
buildings and structures would consist of air terminals installed around the perimeter of the 
structure. The air terminals would be connected together with stranded copper conductors and 
connected to the plant ground grid with stranded copper down conductors. 


4.13 CATHODIC PROTECTION SYSTEM 


The existing cathodic protection system would be extended, as required, to provide corrosion 
control of buried metallic piping. 


4.14 FREEZE PROTECTION SYSTEMS 


Freeze protection system would be provided for outdoor piping (8” and smaller), instruments, 
and other devices subject to freezing in cold weather. The freeze protection system would be 
designed to accommodate both normal plant operations and extended plant shutdowns in cold 
weather. Similar systems and equipment would be utilized to meet process temperature 
maintenance needs of piping systems required to be maintained at high temperatures. 


4.15 AUXILIARY POWER REQUIREMENTS 


Addition of the major AQCS equipment will increase the auxiliary load of the plant. Also, the 
modification to the ID fans in the SCR Only option will use a greater amount of auxiliary power 
than currently used. Table 4-1 lists predicted auxiliary power consumption for the new 
equipment. 
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Table 4-1. Predicted Auxiliary Power Consumption 


Option Plant Auxiliary Power Unit Basis 


Existing four (4) Induced Draft Fan Modification 
(increase BHP)  


5.0 MW 


Anhydrous Ammonia Storage and Transfer 0.1 MW 


SCR 


SCR TOTAL 5.1 MW 


SCR with DSI Existing four (4) Induced Draft Fan Modification 
(increase BHP)  


5.0 MW 


 SCR and Sorbent Injection System 0.2 MW 


 Anhydrous Ammonia Storage and Transfer 0.1 MW 


 SCR with DSI TOTAL 5.3 MW 


SCR and Sorbent Injection System 0.2 MW 


Anhydrous Ammonia Storage and Transfer 0.1 MW 


Existing Induced Draft Fan Modification 
(decrease BHP) and New ID Booster Fan 


10.0 MW 


SCR + Baghouse 


Baghouse Loads 0.5 MW 


 SCR + BAGHOUSE TOTAL 10.8 MW 
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5. PLANT CONTROL SYSTEMS AND EQUIPMENT 


5.1 GENERAL 


Triple instrumentation would be used on critical control loops and auxiliaries that if operated out-
of-limits would cause loss of power generation or catastrophic damage to a major plant 
auxiliary. The control logic would perform median select logic for analog loops and 2-out-of-3 
logic for digital loops. 


Dual instrumentation would be used for systems and auxiliaries that if operated out-of-limits 
would directly affect plant operation or cause damage to major auxiliaries. The control logic 
would perform average select logic of the two analog signals or 2-out-of-2 logic for digital 
signals. 


Wherever possible, transmitters would be used in lieu of process switches. Transmitters would 
be electronic, 2-wire type, with isolated 4-20 mA DC output signals. 


Temperature measurements for control and monitoring inputs would be made with RTDs or 
Chromel-Constantan (Type E) thermocouples. 


5.2 SCR OPTION 


The SCR system would be controlled by new DCS equipment that would be tied into the 
existing plant Foxboro DCS. New DCS equipment for Unit 1 and Unit 3 would be located in their 
respective new PDCs near the SCRs. New DCS equipment for Unit 2 would be located in the 
existing Unit 2 FGD pump house. The common DCS equipment for the anhydrous ammonia 
equipment would be located in the anhydrous ammonia unloading and storage area. All new 
DCS equipment would tie into the existing network in the Environmental and Chemical Lab 
Control Room. The new Unit 1 and Unit 2 DCS equipment would tie into the existing cabinet 0-
DCS-CABQ. The new Unit 3 and common DCS equipment would tie into the existing cabinet 0-
DCS-CABR. Each Unit DCS would require 500 I/O points and the common DCS would require 
100 I/O. 


Each unit’s SCR has two reactors. Each reactor would require an in situ NOX and O2 
measurement on both the inlet and outlet side for a total of four measurements per unit. In 
addition to these measurements, a common meteorological station would also be added. 


Each unit would require approximately 100 balance-of-plant instruments. These instruments 
include various transmitters, switches, thermocouples, etc., for the various SCR reactor 
measurements and new ID fan interface. The common DCS would require approximately 10 
balance-of-plant instruments. These instruments include various transmitters, switches, 
thermocouples, etc., for the anhydrous ammonia unloading tanks and transfer pumps. 


Minimal modifications may be required to the Control Room HVAC system controls to create a 
safe haven in the control room in the event of an ammonia leak. 
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5.3 SCR AND BAGHOUSE OPTION 


The SCR system would be controlled by new DCS equipment that would be tied into the 
existing plant Foxboro DCS. New DCS equipment for Unit 1 and Unit 3 would be located in their 
respective new PDC near the SCR, their respective PDCs housing 13.8-kV switchgear, and 
their respective FGD pump houses. New DCS equipment for Unit 2 would be located in the 
existing Unit 2 FGD pump house and the new Unit 2 PDC housing 13.8-kV switchgear. The 
common DCS equipment for the anhydrous ammonia equipment would be located in the 
anhydrous ammonia unloading and storage area and the common PDC building. All new DCS 
equipment would tie into the existing network in the Environmental and Chemical Lab Control 
Room. The new Unit 1 and Unit 2 DCS equipment would tie into the existing cabinet 0-DCS-
CABQ. The new Unit 3 and common DCS equipment would tie into the existing cabinet 0-DCS-
CABR. Each unit DCS would require 1000 I/O points and the common DCS would require 200 
I/O points. 


The Unit 1, 2, and 3 pulse-jet baghouse cleaning system would be controlled via the Vendor 
provided PLC. The PLC would have datalink integration into the new DCS. All other baghouse 
systems would be controlled via the DCS. 


Each unit’s SCR has two reactors. Each reactor would require an in situ NOX and O2 
measurement on both the inlet and outlet side for a total of four measurements per Unit. In 
addition to these measurements, a common meteorological station would also be added. 


Each unit would require approximately 150 balance-of-plant instruments. These instruments 
include various transmitters, switches, thermocouples, etc., for the various SCR reactor 
measurements, the new ID booster fans, and the new baghouse equipment. The common DCS 
would require approximately 10 balance-of-plant instruments. These instruments include various 
transmitters, switches, thermocouples, etc., for the anhydrous ammonia unloading tanks and 
transfer pumps. 


Minimal modifications may be required to the Control Room HVAC system controls to create a 
safe haven in the control room in the event of an ammonia leak. 
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6. PROJECT SCHEDULE 


6.1 INTRODUCTION 


Summary Level and Level III project schedules for development, design, construction, and 
startup of the project were prepared based on a multiple firm price construction contracting 
strategy. Construction-quality design drawings would be used for bidding purposes for the 
ductwork, structural steel, and foundations. The schedule, as currently laid out, represents the 
most cost effective and least risky option. However, there does exist some flexibility in activity 
durations, equipment lead times, and predecessor/successor relationships at the risk of higher 
financial expense. 


The construction contracts would be: 
• Substructure – Separate Contracts for Units 3, 2, and 1 
• Mechanical & Structural General Work – Separate Contracts for Units 3, 2, and 1 
• Electrical & Instrumentation General Work – Separate Contracts for Units 3, 2, and 1 
• Construction Testing & Inspection 
• Final Sitework 


These schedules are provided in Appendix G. 


6.2 PROJECT MILESTONES – SCR OPTION 


The SCR Option schedules provided in Appendix G comprise an eight (8)-month engineering 
study phase, a twenty-nine (29)-month procurement and detailed engineering period, an 
eighteen (18)-month construction phase, and a two (2)-month tie-in. The total project duration, 
from study authorization to the completion of the tie-in outage is 42 months for Units 1 and 3, 
and 44 months for Unit 2. The construction and startup schedules including tie-in durations were 
furnished by Foster Wheeler and are also provided in Appendix G. The Foster Wheeler 
schedule was incorporated into the overall project schedule. 


Development of the schedules was based on the following milestones: 
Table 6-1. SCR Option Schedule Milestones 


 
Milestone 


Months After 
Notice To Proceed 


Notice to Proceed (Unit 3) - 


Purchase Catalysts 10 


Notice to Proceed (Unit 2) 10 


Receive Final Flow Model Report 16 


Purchase Structural Steel 20 
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Milestone 


Months After 
Notice To Proceed 


Notice to Proceed (Unit 1) 24 


Start Construction 25 


Complete Tie In Outage (Unit 3) 42 


Commercial Operation Unit 3 44 


Complete Tie In Outage (Unit 2) 54 


Commercial Operation Unit 2 56 


Complete Tie In Outage (Unit 1) 66 


Commercial Operation Unit 1 68 


6.3 PROJECT PROCUREMENT – SCR OPTION 


S&L’s initial determination of Unit 3 critical path is as follows: 
Table 6-2. Unit 3 SCR Option Critical Path 


Activity Months After Notice to 
Proceed 


Bid Issue Catalyst Specification 7 


Award Catalyst Contract 10 


Receive Final Flow Model Report 16 


Bid Issue Structural Steel 17 


Award Structural Steel Package 20 


Release Foundation Design Package for Bid 19 


Award Foundations Contract 22 


Release M-GWC Design Package for Bid 21 


Award M-GWC 24 


Initial Ductwork Delivered Onsite 26 


Release E-GWC Design Package for Bid 26 


Award E-GWC 30 


Complete Pre-Outage Construction 39 


Complete Tie In Outage Unit 3 42 
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6.4 PROJECT MILESTONES – SCR AND BAGHOUSE OPTION 


The SCR and Baghouse Option schedule comprises an eight (8)-month engineering study 
phase, a thirty-one (31)-month procurement and detailed engineering period, a nineteen (19)-
month construction phase, and a two (2)-month tie-in phase. The total project duration, from 
study authorization to the completion of the tie-in outage is 48 months for Units 1 and 3, and 
50 months for Unit 2. The construction and startup schedules were furnished by Foster 
Wheeler, and are also provided in Appendix G. The Foster Wheeler schedule was incorporated 
into the overall project schedule. 


Development of the schedules was based on the following milestones: 
Table 6-3. SCR and Baghouse Option Schedule Milestones 


 
Milestone 


Months After 
Notice To Proceed 


Notice to Proceed (Unit 3) - 


Purchase Catalysts 10 


Notice to Proceed (Unit 2) 10 


Purchase Baghouse  11 


Receive Final Flow Model Report 16 


Notice to Proceed (Unit 1) 24 


Purchase Structural Steel 27 


Start Construction 31 


Complete Tie In Outage (Unit 3) 48 


Commercial Operation Unit 3 50 


Complete Tie In Outage (Unit 2) 60 


Commercial Operation Unit 2 62 


Complete Tie In Outage (Unit 1) 72 


Commercial Operation Unit 1 74 
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6.5 PROJECT PROCUREMENT – SCR WITH BAGHOUSE 


S&L’s initial determination of Unit 3 critical path is as follows: 
Table 6-4. Unit 3 SCR and Baghouse Option Critical Path 


Activity Months After Notice to 
Proceed 


Bid Issue Catalyst Specification 7 


Award Catalyst Contract 10 


Receive Final Flow Model Report 16 


Bid Issue Structural Steel 24 


Award Structural Steel Package 27 


Release Foundation Design Package for Bid 24 


Award Foundations Contract 28 


Release M-GWC Design Package for Bid 26 


Award M-GWC 30 


Initial Ductwork Delivered On-Site 31 


Release E-GWC Design Package for Bid 30 


Award E-GWC 33 


Complete Pre-Outage Construction 44 


Complete Tie In Outage Unit 3 48 
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7. GENERAL ARRANGEMENT FEATURES 


7.1 COMMON 


No significant changes to the existing drainage and roads in the area would be required to 
accommodate the new air quality equipment. Local modifications of these systems required in 
the area of the new work would tie back into the existing systems as quickly as possible. 


Access roads would be maintained in the area of the new work. New pipe racks and ductwork 
that cross over or run along roads would be set at elevations high enough and with support 
column spacings wide enough to permit vehicle access below. For the purposes of this cost 
estimate the minimum clearance above all roads for vehicle access is 25 feet.  


7.2 SCR OPTION 


The two new SCRs for both Units 1 and 3 would be located side-by-side where possible for a 
more efficient ductwork arrangement as well as for better access and maintenance operations 
between the pair. 


The new ductwork to and from the SCRs would exit the existing system downstream of the 
electrostatic precipitators and would tie back in upstream of the air heaters. These tie-ins would 
occur in the available space between the existing boiler building and the electrostatic 
precipitators. 


7.2.1 SCR Unit 1 


For Unit 1, the SCRs would be placed above the existing pipe rack that runs along the north 
side of the unit. The pipe rack would not be modified or affected in any way. 


7.2.2 SCR Unit 2 


For Unit 2, the SCRs would be separated from each other because of space constraints in this 
congested area. Separate SCRs would be placed to the north and south of the Unit 2 chimney. 


Existing platforms that run between the Unit 1 and Unit 2 precipitators would be demolished to 
provide space for the new ductwork to and from the north SCR. 


7.2.3 SCR Unit 3 


For Unit 3, a portion of the existing maintenance facility / fabrication shop south the unit would 
be demolished to make room for the SCRs. For the purposes of this cost estimate space for a 
replacement facility for the demolished portion is reserved on the north side of the site. 
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7.3 SCR AND BAGHOUSE OPTION 


The two new baghouses and ID Booster Fans for each unit would be located side-by-side where 
possible for a more efficient ductwork arrangement as well as better access and maintenance 
operations between the pair. 


For all units, the abandoned chimney shell would be used as a support for the ductwork going to 
and from the baghouses. A branch of ductwork would pass through the existing openings in the 
shell and additional openings would be cut as necessary, rather than demolishing the remaining 
shell and erecting new steel framing in the area to support the ductwork. 


7.3.1 Baghouses Unit 1 


For Unit 1, the baghouses would be located within the existing water treatment area and would 
be separated to avoid disturbing the existing equipment in the area. 


The west Unit 1 baghouse, located between the existing brine concentrators and clarifier tanks, 
would be elevated above grade to maintain the roadway in the area, allowing for a 25-foot-high 
vehicle access below it. 


The existing ash blowers and their foundation on the north side of Unit 1 would be relocated to 
accommodate the new ID Booster Fans. The existing pipe rack that runs along the north side of 
the unit would be demolished to accommodate the new fans. For the purposes of this cost 
estimate space is reserved for a replacement rack somewhat farther north of the existing one 
but still south of the water treatment area. 


The existing sump and trenches in the water treatment area near the east Unit 1 baghouse 
would be relocated to accommodate the new baghouse. 


7.3.2 Baghouses Unit 2 


For Unit 2, the baghouses would be stacked because of the extreme congestion in the area. 
The existing tool room between the Unit 2 and Unit 3 precipitators would be demolished to make 
room for the baghouses. For the purposes of this cost estimate space is reserved for a 
replacement tool room on the north side of the site. 


On Unit 2, the new ID Booster Fans would need to be separated to fit into the extremely 
congested area, with one on the north side of the Unit 2 chimney and the other on the north side 
of the Unit 3 chimney, south of the coal conveyor between Units 2 and 3. 


The ductwork running to and from the Unit 2 baghouses would pass over and under both the 
existing coal conveyor that runs between Units 2 and 3 and also the new ductwork running to 
and from the south SCR for Unit 2. This congestion, coupled with the stacked baghouses for 
this unit, would put this ductwork at a higher elevation than it would need to be for the other two 
units. 


For Unit 2, the existing opening in the abandoned chimney would be used for the baghouse 
supply duct, while the return duct from the baghouses, pushed higher by the stacked baghouses 







 
   


  7-3 
  SL-010214 
  Revision D 


  
 
 


 
Navajo Report SCR and BH Cost Est Rev D.docx August 17, 2010
 Project No. 12656-001


 


on this unit and the need to cross over the conveyor and the SCR ductwork, would run over the 
top of the remaining portion of the shell. 


On Unit 2, fitting the north ID Booster Fan into the tight area would require demolition of the 
existing stair tower / elevator adjacent to the Unit 2 pump enclosure. A bridge would be added 
between the Unit 1 and Unit 2 pump enclosures to provide access to the upper floor of the 
Unit 2 pump enclosure via the Unit 1 pump enclosure elevator. These existing stairs and 
elevator also provide access up to the top of the adjacent Unit 2 absorbers, so an alternate 
means of access to the absorbers that works around the various new items in the area would be 
provided. 


A portion of the Unit 2 absorber foundation that supports this stair tower / elevator would also be 
demolished to accommodate the new fan foundation for the north ID booster fan. 


7.3.3 Baghouses Unit 3 


For Unit 3 no relocations of existing equipment or other major items would be required in the 
area of the new work. The pair of new baghouses and also the pair of new Booster Fans would 
fit side-by-side in an open area east of the existing fabrication shop / maintenance facility on the 
south side of Unit 3. 
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8. UTILITY RELOCATION 


8.1 PLANT UTILITIES 


NGS is designed with water utility corridors and electrical ductbanks installed below grade. A 
major utility corridor is located north of Unit 1 and south of the water treatment facility along the 
east/west access road with branch distribution to the south of the plant. NGS has implemented 
a phased underground to aboveground (on piperacks) utility relocation plan. Refer to Appendix 
O for information provided by NGS regarding utilities currently relocated and plans for future 
relocation. For the purposes of this report, the basis of the cost estimate would be relocation of 
all identified utilities from underground to aboveground piperacks in line with current NGS 
relocation philosophy. The information provided by NGS in Appendix O would form the basis of 
a pipe relocation evaluation during the detailed engineering phase of the work. Additionally, for 
the purpose of this report, it is assumed the existing systems have sufficient capacity (pressure 
margin) to support relocation of utilities aboveground. 


8.1.1 SCR Option 


Based on preliminary review of the documents included in Appendix O, there are no piping 
relocations required to support installation of new equipment for the SCR Option. The cathodic 
protection system would most likely be affected from underground work. Modification to the 
system would be required as necessary. Existing platforms that run between the Unit 1 and 
Unit 2 precipitators would be demolished to provide space for the new ductwork to and from the 
north SCR of Unit 2. This would require the relocation of two (2) precipitator transformers from 
that platform to under the precipitator. 


8.1.2 SCR plus Baghouse Option 


To support installation of new infrastructure (piperack, baghouse, ductwork) for the Unit 1 SCR 
and Baghouse Option, a section of the major east/west underground utility corridor identified 
above would be required to be relocated. The existing pipe rack that runs along the north side of 
the unit would be demolished to accommodate the new booster fans. This would be replaced by 
a new rack located on the north side of the existing road. There are cables that run along the 
existing rack. These cables would be relocated to the pipe rack on the north side of the road. 
There are also distribution panels on the ground below existing rack that would need to be 
relocated. Relocation of the cables is assumed to only affect Unit 1. Detailed study / evaluation 
must be performed to identify service of each cable. Additionally, to support installation of the 
Unit 1 ID booster fans, a section of underground piping would be relocated just east of the new 
fans onto existing piperack. Any piping relocated to above ground would need to be heat traced.  


To support installation of the Unit 2 baghouse, a section of aboveground ash conveying piping 
would be relocated east onto existing piperack. To support installation of the Unit 3 baghouse a 
short section of underground fire protection piping would relocated further south from the current 
installed location. Additionally, the existing tool room between the Unit 2 and Unit 3 precipitators 
would be demolished to make room for the Unit 2 baghouses. The existing tool room has cable 
trays loaded with cables running along side it. These cables would be relocated around the new 
baghouse by installing termination panels at the points where the cable need to be rerouted. 
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Relocation of these cables is assumed to only affect Unit 2. Detailed study / evaluation must be 
performed to identify service of each cable. 
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9. PLANT ECONOMICS 


 


9.1 BASIS OF COST ESTIMATES 


9.1.1 General 


The conceptual cost estimates provided in Appendix J are based on the installation of new NOX 
and particulate reduction equipment at NGS. Estimates 30621B, 30622B, and 30623B reflect 
the installation of SCR systems only on NGS Units 1-3 for NOx reduction. Estimates 30412E, 
30413E, and 30414E reflect the installation of SCR systems only with dry sorbent injection on 
NGS Units 1-3 for NOX reduction. Estimates 30415E, 30416E, and 30417E include the addition 
of SCR systems as well as polishing baghouses for NOX reduction and particulate control on 
Units 1-3. 


The cost estimates are conceptual in nature, and based largely on S&L experience on similar 
projects. No significant preliminary engineering has been performed to firm up the project 
details, and specific site characteristics have not been fully analyzed. Allowances have been 
added, where necessary, to cover issues that are likely to arise but are not clearly quantified at 
this time. Under AACE International’s guidelines these estimates could be classified as Class 4 
Estimates. Class 4 estimates are generally prepared based on limited information, and 
subsequently, have fairly wide accuracy ranges. They area prepared for a number of purposes, 
such as but not limited to, detailed strategic planning, business development, project screening 
at more developed stages, alternative scheme analysis, confirmation of economic and or 
technical feasibility, and preliminary budget approval or approval to proceed to next stage.  


9.1.2 Contracting Strategy 


The capital cost for the plant modifications are based on Owner-managed engineering, 
procurement, and construction. Design of the plant would be performed by an architect-
engineer, hired by the Owner. All equipment will be purchased directly by the Owner and 
construction would be completed via a multiple lump sum contract arrangement. 


9.1.3 Equipment Costs 


The equipment costs include only those for the manufactured equipment. These items include, 
but are not limited to, anhydrous ammonia system, sorbent injection system, fans, fabric filters, 
compressors, dampers, transformers, switchgear, DCS, pumps, and motors. SCR catalyst is 
also included as equipment since it is purchased as a manufactured item. Informal budgetary 
quotes were obtained for the catalyst, anhydrous ammonia system, sorbent injection system, 
fabric filters, booster fans, compressors, and unit auxiliary transformers. All other equipment 
costs were estimated on the basis of S&L in-house data, vendor catalogs, industry publications, 
and other related projects. 
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9.1.4 Material Costs 


The material costs include those for commodity-type materials, such as structural steel, 
ductwork, concrete, piping, valves, cable, cable tray, and conduit. All material unit costs were 
estimated on the basis of S&L in-house data, vendor catalogs, industry publications, and other 
related projects. Quantities of materials were based on preliminary estimates by the project 
team. 


9.1.5 Labor 


An estimate of all construction-related costs, including construction management and startup 
and commissioning was prepared by Foster Wheeler. See “REV2_Basis of Labor Costs” in 
Appendix H. Additional information regarding the construction methodology that is used as the 
basis of the labor estimates is included in Section 10 of this report. 


9.1.6 Labor Productivity 


Labor productivity was accounted for in the cost estimates using two distinct factors. A regional 
productivity factor of 1.05 was applied to all direct labor work hours. This was the actual direct 
labor productivity experienced by Foster Wheeler on the Springerville Generating Station Unit 4 
construction project. Another productivity factor based on the difficulty of each item of work was 
included in the line items in the estimate spreadsheets, based on the differing construction 
aspects for each unit. For more details see section 1.6 “REV2_Basis of Labor Costs” in 
Appendix H, and Section 10 of this report. 


9.1.7 Project Indirect Costs 


Indirect costs for hiring the architect-engineer were included in the estimates. Construction 
management and startup and commissioning costs prepared by Foster Wheeler were also 
included. Estimated owner’s capital costs are also included. Owner’s costs include owner’s 
construction management, ammonia unloading facility at railhead, legal support, insurance, 
operating and maintenance support during construction and start-up, spare parts, contract 
services, lost generation during short outages and sales taxes. 


9.1.8 Escalation 


Escalation is not included in the estimate. All costs are in 2010 dollars. 


9.1.9 Contingency 


The project contingency was determined using a technique called range analysis. The cost 
estimates were divided into major cost centers, such as equipment, catalyst, steel, other 
materials, labor, indirects, etc. High and low ranges were established for each of these cost 
centers. These ranges were then entered into a software program utilizing Monte Carlo 
Simulation to determine an overall contingency for the project. The Monte Carlo Simulation was 
based on running 10,000 iterations, where the inputs are randomly generated from probability 
distribution curves to simulate the process of sampling. The output is a curve, on which a point 
gives a percentage confidence factor and the corresponding overall dollar amount for the project 
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to meet that confidence factor. For this project, we have used a 95% confidence factor to 
determine contingency dollars. 


9.1.10 Allowance for Funds Used During Construction 


Allowance for funds used during construction (AFUDC) has been calculated at 2.43% annual 
percentage rate. 


9.1.11 Cash Flow 


Quarterly cash flows were prepared based upon 42-month schedules for the SCR Option cost 
estimates and 48-month schedules for SCR and Baghouse Option cost estimates. 


9.2 CAPITAL COST ESTIMATES 


The capital cost estimates present the following cost breakdown for NGS: 
• SCR 
• Anhydrous Ammonia 
• Sorbent Injection 
• Baghouse 
• Waste Collection System 
• Flue Gas System & ID Fans 
• BOP Piping & Equipment 
• Electrical-Auxiliary Power 
• Controls and Instrumentation 
• New structures 
• Removal and Relocation of existing equipment and infrastructure 
• Site services/sitework 
• Overtime, including Spot Overtime 
• Contractor General & Administrative 
• Contractor Profit 
• Indirect Expenses 
• Contingency 
• Allowance for funds used during construction (AFUDC) 
The total estimated capital costs are as given below: 
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Table 9-1. Total Estimated Capital Cost Summary 


Unit 1 SCR (Estimate 30621B) $151,825,000 


Unit 2 SCR (Estimate 30622B) $205,808,000 


Unit 3 & Common SCR (Estimate 30623B) $186,528,000 


Total for U1, U2, U3 SCR Only Option $544,161,000 


  


Unit 1 SCR w/ DSI (Estimate 30412E) $154,946,000 


Unit 2 SCR w/ DSI (Estimate 30413E) $209,324,000 


Unit 3 & Common SCR w/ DSI (Estimate 30414E) $189,772,000 


Total for U1, U2, U3 SCR Only w/ DSI Option $554,042,000 


  


Unit 1 SCR & BH (Estimate 30415E) $372,184,000 


Unit 2 SCR & BH (Estimate 30416E) $410,919,000 


Unit 3 & Common SCR & BH (Estimate 30417E) $347,869,000 


Total for U1, U2, U3 SCR and Baghouse Option $1,130,972,000 


9.3 BUDGETARY QUOTES 


9.3.1 SCR Catalyst 


Budgetary-level quotes were anonymously solicited from five vendors for the SCR catalyst 
required to reduce the NOX emissions without increasing the SO3 emissions above specified 
levels. These vendors are: 


• Ceram 


• Cormetech 


• Haldor-Topsoe 


• Hitachi 


• Johnson Mathey 


Quotes were received from Haldor-Topsoe and Johnson Mathey. These quotes, along with the 
letter specification sent to vendors, are included in Appendix K. Due to the ability to meet the 
required NOX emissions while also keeping the SO3 emissions below specified levels, the 
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Haldor-Topsoe quote was determined to be the most technically feasible and the cost was used 
as the basis for the cost estimate. 


9.3.2 Ammonia Storage and Feed System 


Budgetary-level quotes were anonymously solicited from two vendors for the ammonia storage 
and feed system required to support the SCR operation. These vendors are: 


• Chemithon 


• Wahlco 


Quotes were received from Wahlco. These quotes, along with the letter specification sent to 
vendors, are included in Appendix K. Subsequent to the initial solicitation, the total storage time 
for ammonia for the site was increased to 14 days. Revised pricing was solicited from Wahlco 
and has also been included in Appendix K in the form of an e-mail from Robyn Clark. Due to the 
ability to provide the ammonia in accordance with the letter specification, the Wahlco quote was 
determined to be the most technically feasible and the cost was used as the basis for the cost 
estimate. 


9.3.3 Dry Sorbent Injection System 


Budgetary-level quotes were anonymously solicited from three vendors for the dry sorbent 
injection system required to support the station subsequent to the installation of SCR systems. 
These vendors are: 


• FLSmidth 


• Nol-Tec 


• UCC 


Quotes were received from both Nol-Tec and UCC. These quotes, along with the letter 
specification sent to vendors, are included in Appendix K. Despite being more expensive, due to 
the ability to provide the dry sorbent injection system in accordance with the letter specification, 
the UCC quote was determined to be the most technically feasible and the cost was used as the 
basis for the cost estimate. 


9.3.4 Pulse-jet Fabric Filter 


Budgetary-level quotes were anonymously solicited from three vendors for the fabric filter, which 
may be required to reduce the particulate emissions for the site, with the ability to capture SO3, 
mercury, and fine particulate as well. These vendors are: 


• Alstom 


• Babcock & Wilcox (B&W) 


• Hamon Research Cottrell (HRC) 







 
   


  9-6 
  SL-010214 
  Revision D 


  
 
 


 
Navajo Report SCR and BH Cost Est Rev D.docx August 17, 2010
 Project No. 12656-001


 


Quotes were received from all three vendors. These quotes, along with the letter specification 
sent to vendors, are included in Appendix K. Due to the ability to meet the required PM 
emissions while also addressing the requirement for a stacked fabric filter for Unit 2, the B&W 
quote was determined to be the most technically feasible and the cost was used as the basis for 
the cost estimate. 


9.3.5 ID Fans 


Budgetary-level quotes were anonymously solicited from Howden for new ID booster fans for 
the SCR and Baghouse Option as well as full rotor and bearing replacement for the SCR 
Option. 


Quotes were based on preliminary ID fan sizing calculations preformed by S&L and detailed in 
the Design Basis Document (Appendix A). Refer to Appendix K for the budgetary pricing quotes. 


9.3.6 Pulse-jet Air Compressors and Auxiliaries 


A budgetary-level quote was anonymously solicited from Atlas Copco for the pulse-jet air 
compressors and auxiliaries (aftercooler, air dryer and receiver tanks). The quote was based on 
sizing information provided to Atlas Copco. The methodology for the sizing is detailed in the 
Design Basis document Appendix A. Refer to Appendix K for the budgetary pricing quote. 


9.3.7 Unit Auxiliary Transformers 


Budgetary-level quotes were solicited from three vendors for the unit auxiliary power 
transformers required to support the station subsequent to the installation of SCR and 
Baghouse systems. These vendors are: 


• ABB 


• General Electric (GE) 


• Niagra 


Quotes were received from all three vendors. These quotes, along with the letter specification 
sent to vendors, are included in Appendix K. The Niagra quote was determined to be the most 
technically feasible by providing a detailed product quote and therefore the Niagra cost was 
used as the basis for the cost estimate. 


9.4 O&M COSTS 


9.4.1 Operating and Maintenance Costs 


The conceptual operating and maintenance (O&M) cost estimates provided in Appendix J are 
based on the installation of new NOx and particulate reduction equipment at NGS. These were 
generated based upon the following three operating scenarios: SCR installation only; SCR and 
DSI; and SCR, DSI, and Baghouse. 
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The cost estimates are conceptual in nature and based largely on S&L experience on similar 
projects. No significant preliminary engineering has been performed to firm up the project details 
and site specific characteristics have not been fully analyzed.  Margin has been added to 
quantities, including sorbent feed rates, steam requirements, auxiliary power consumption, etc., 
to provide conservatism to these cost estimates.  A summary of these costs are shown below in 
Table 9-2. 


Table 9-2. Conceptual O&M Costs (on a per Unit Basis) 


Variable O&M Unit Cost SCR Only SCR and DSI SCR and Baghouse
Ammonia $475/ton 1,035,000$    1,035,000$    1,035,000$    
Catalyst Replacement $8,000/m3 672,000$       672,000$       672,000$       
Auxiliary Power $45/MW-hr 1,809,000$    1,880,000$    3,832,000$    
Steam $5/mmBtu 71,000$         71,000$         71,000$         
Sorbent (Hydrated Lime) $200/ton -$              119,000$       -$              
Sorbent (Trona) $125/ton -$              -$              71,000$         
Waste Disposal** $50/ton -$              82,000$         32,000$         
Bag Replacement $100/bag -$              -$              450,000$       
Cage Replacement $30/cage -$              -$              45,000$         


Total Variable O&M* $/year 3,587,000$               3,859,000$               6,208,000$               


Fixed O&M SCR Only SCR and DSI SCR and Baghouse
Maintenance Material $/year 237,000$       239,000$       402,000$       
Maintenance Labor $/year 158,000$       159,000$       268,000$       


Total Fixed O&M*** $/year 395,000$                  398,000$                  670,000$                  


Total O&M Cost* $/year 3,982,000$        4,257,000$        6,878,000$         
* Based on 90% Capacity Factor. 
** Waste disposal cost represents levelized costs for trucking of waste to landfill site, development of landfill (dual 
liner with leachate collection system) and landfill maintenance. 
*** Operating & Maintenance 


- Maintenance, material and labor costs are calculated as a function of the overall capital cost for each 
option utilizing benchmarking data 


- SCR maintenance cost includes: ammonia unloading system monitoring, ammonia tank 
unloading, ammonia risk management plan, ammonia tank inspection, maintenance of ammonia 
pumps, dilution air blowers, supporting components, and annual ammonia injection grid tuning 


- SCR only and SCR & DSI options, fixed O&M costs calculated based upon 0.2% 
of capital cost 


- SCR& Baghouse option, fixed O&M costs calculated based upon 0.25% of capital cost 
- SCR & Baghouse maintenance cost includes: 1% bag replacement every year, compressor 


maintenance, hopper heater maintenance, and ash handling system 


9.5 TOTAL ANNUAL COSTS 


9.5.1 Total Annual Costs 


The total annual costs for the SCR option, SCR plus DSI option, and SCR plus Baghouse option 
are shown in Table 9-3.  This table also includes a breakdown for each unit within each option. 
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The total annual cost is the sum of the annual capital cost and the annual operating and 
maintenance cost.  The annual capital cost has been calculated by multiplying the total capital 
cost by a Capital Recovery Factor (CRF) of 0.1159.  The CRF of 0.1159 is based on an annual 
interest rate of 9.8% and amortization period of 20 years 


 
Table 9-3. Levelized Annual Costs 


 


 SCR Option  SCR with DSI 
Option 


 SCR & 
Baghouse Option 


Unit 1 Total Capital Cost  $      151,825,000  $      154,946,000  $      372,184,000 
Annual Capital Cost
(Total Capital Cost x CRF)  $        17,597,000  $        17,958,000  $        43,136,000 


Annual O & M Cost  $          3,982,000  $          4,257,000  $          6,878,000 
Total Annual Cost  $        21,579,000  $        22,215,000  $        50,014,000 


Unit 2 Total Capital Cost  $      205,808,000  $      209,324,000  $      410,919,000 
Annual Capital Cost
(Total Capital Cost x CRF)  $        23,853,000  $        24,261,000  $        47,626,000 


Annual O & M Cost  $          3,982,000  $          4,257,000  $          6,878,000 
Total Annual Cost  $        27,835,000  $        28,518,000  $        54,504,000 


Unit 3 Total Capital Cost  $      186,528,000  $      189,772,000  $      347,869,000 
Annual Capital Cost
(Total Capital Cost x CRF)  $        21,619,000  $        21,995,000  $        40,318,000 


Annual O & M Cost  $          3,982,000  $          4,257,000  $          6,878,000 
Total Annual Cost  $        25,601,000  $        26,252,000  $        47,196,000 


Units 
1,2,& 3 Total Capital Cost  $      544,161,000  $      554,042,000  $   1,130,972,000 


Annual Capital Cost
(Total Capital Cost x CRF)  $        63,069,000  $        64,214,000  $      131,080,000 


Annual O & M Cost  $        11,946,000  $        12,771,000  $        20,634,000 
Total Annual Cost  $        75,015,000  $        76,985,000  $      151,714,000 


Capital Recovery Factor (CRF) = 0.1159
Based on an interest rate of 9.8% and amortization period of 20 years
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10. CONSTRUCTION AND CONSTRUCTIBILITY 


As part of the cost estimating effort, Foster Wheeler, a major constructor for this type of work, 
was engaged to provide input into the construction aspects of the project. Input for this portion 
of the report has been provided by Foster Wheeler. 


10.1 CONSTRUCTION SITE PLAN 


10.1.1 Site Development and Temporary Facilities 


It is expected that the NGS site already has sufficient, existing infrastructure and temporary 
facilities to support the Units 1-3 SCR and baghouse construction retrofit project. These 
required facilities include parking areas for construction craft labor and management staff 
personnel, phone service and temporary electrical power distribution for site construction 
management office trailers and facilities, prepared material laydown and storage areas, and 
material assembly yards. The basis of this conceptual construction estimate is that sufficient 
facilities of this nature already exist to support mobilization of the required construction 
contractor(s). 


10.1.2 Laydown, Fabrication, and Staging Areas 


The construction plan is to use the existing prepared area southeast of Unit 3 for material 
laydown and ground-fabrication. This area was identified with the NGS management staff during 
the site visit of January 20-21, 2010, as the laydown and fabrication areas used for the prior 
scrubber retrofit projects. It is assumed that there is also existing space at site for storage of a 
limited amount of materials that would require climate-controlled storage. The basis of this 
conceptual construction estimate is that sufficient facilities of this type already exist at site. 


10.1.3 Cranes and Heavy Lift Considerations 


Foster Wheeler worked with Mammoet North America LLC (Mammoet) in the development of 
this estimate, to size the heavy lift cranes that would be required to support the installation 
strategy of ground-assembling at site, the SCR, baghouse, and flues into sections with weights 
ranging from 35-55 tons. Mammoet visited the NGS site on March 1-2, 2010 with Foster 
Wheeler and S&L representatives to review the conceptual arrangement drawings and the 
existing site conditions for the SCR and baghouse retrofit work. 


Based on their review of the site, the drawings, and the installation strategy, Mammoet has 
provided general arrangement drawings for the placement of the selected cranes for each unit, 
for both the SCR Option and the SCR and Baghouse Option. Mammoet also provided the 
equipment description and pricing to receive, transport, and set one auxiliary transformer per 
unit. Further detailed description of the heavy-lift cranage to be used is included in subsections 
below. 
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10.2 INSTALLATION METHODOLOGY 


Foster Wheeler developed a preliminary Level I construction schedule for the work (see 
Appendix G), which has been incorporated into the overall schedule also shown in Appendix G. 
Foster Wheeler’s construction schedule is based on direct labor work hours estimated from the 
quantities provided by S&L. The construction schedule was used to determine the approximate 
durations required for the heavy-lift equipment, and to develop the histogram for the 
approximate craft labor manpower required for the work. With the limited information available 
at this time and the high-level nature of this construction estimate, further detailed installation 
sequence and plans have not been determined. 


10.2.1 Substructure Work 
Based on previous experience with retrofit work on existing units, the construction estimate 
includes the cost of a specialty day-lighting contractor to determine any existing underground 
utilities or obstructions that may interfere with the installation of new underground materials. 


10.2.2 Foundations 


The basis of the estimate, from commodities to be installed, assumes that reinforcing bars, 
embedments and anchor bolts would be shop-fabricated to the maximum extent possible. It is 
also assumed that the concrete for foundations would be provided from an onsite batch plant. 


10.2.3 Equipment Installation 


In the SCR Option scenarios for the work, the ID fan rotors would be replaced. Work hours have 
been applied for the activity based on prior experience with rotor replacements in similar retrofit 
circumstances. The same information has been provided in the estimate for the new ID fans to 
be installed for the SCR and Baghouse Option scenarios, and for other miscellaneous 
equipment. 


10.2.4 SCR and Flue Installation 


The SCR materials are planned to be received at site in knocked down (flat) sections, consisting 
of casing plate with external stiffeners and attachments welded on in the fabrication shop. The 
materials received would be ground-assembled by site crews in the designated fabrication 
areas, to the maximum extent possible in order to minimize the erection time and congestion in 
the operating units. 


Ground-assembly areas would be designated southeast of Unit 3, and assembly tables for the 
flues and reactors would be constructed there. Several fabricated panels would be assembled 
on the tables into components of pre-determined size and weight that can be safely transported, 
lifted and set into place at final elevation. Based on prior experience, the weight of the ground-
assembled components would range between 35-55 tons depending on installation access and 
final support details. When those parameters are further determined, the detailed installation 
sequence and final component sizes and weights may be identified, and rigging diagrams and 
analysis completed. The conceptual cost estimates include time for engineered rigging drawings 
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to be produced for the critical component lifts, including constructability reviews for lifting lugs, 
spreader beams, etc. 


The flue and reactor components would be ground-fabricated at an elevation that would allow 
for maximum installation of insulation, lagging, platforms and nozzles, and they would be 
accessible during ground-assembly by means of scissor and man-lifts. Some internal scaffolds 
may be required to install trusses and turning vanes, but in most cases it is expected that the 
assembly work would be done with lifts. The component assembly dimensions would vary in 
width and height, not to exceed any existing conditions of the transport route to final location, 
which would be determined during the development of the engineered rigging drawings. The 
ground-assembled components would be moved from the assembly yard to the installation 
crane staging areas by 12-line hydraulic transporter. 


All components that are insulated on the ground would have an un-insulated setback of 
approximately 1’-6” from the erection joint to allow for fit up and welding after the component is 
erected. Scaffolding would be required at these setback areas, when components are at final 
elevation to accomplish fit up, welding, and any remaining insulation that was either left off at 
the erection joints, or that could not be installed because of weight or dimension restrictions. 


For the Unit 1 SCR Option, a 660-ton capacity crawler crane would be positioned south of the 
existing service building, and just west of the new SCR locations. Refer to crane placement 
drawing, Appendix E, Attachment 2, which illustrates the proposed location of the crawler crane 
in plan and elevation views and the associated lifting capacities at various radii. 


For the Unit 2 SCR Option, a 1,250-ton capacity and a 660-ton capacity crawler crane would be 
needed due to the existing Unit 2 chimney blocking access to set certain new flue segments 
from just one location. The 1,250-ton crane would be positioned directly east of the existing 
Unit 1 pump building. The 660-ton crane would be positioned at the identified location north of 
the existing Unit 3 chimney. Refer to Appendix E, Attachment 4, which illustrates the proposed 
location of each crane in plan and elevation views, and the associated lifting capacities at 
various radii. 


For the Unit 3 SCR Option, a 660-ton capacity crawler crane would be positioned in the existing 
parking lot, adjacent to and just south of the existing maintenance facility, which would be 
demolished to allow for the erection of both new SCRs. Refer to Appendix E, Attachment 6, 
which illustrates the proposed location of the crawler crane in plan and elevation views and the 
associated lifting capacities at various radii. 


Structural steel support members and rack components would be ground-assembled into bents 
and structural modules where applicable, and are not expected to be critical lifts due to weight 
or size restrictions. 


Piping would be double-jointed for rack piping and shop-fabricated to the maximum extent, 
including valves, that would allow for transport and erection. 
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10.2.5 SCR Tie-In Work 


Prior to the outage, the SCR and the new inlet and outlet flues would be installed up to the tie-in 
points for the precipitator plenums and the air pre-heater inlet plenums. The new SCR inlet 
flues, outlet flues and support steel would be installed to a point that would allow for the 
demolition of the existing flues and the installation of the new flues and blanking plates. Since 
the tie-in to the air pre-heater plenums is under the existing lower precipitator plenum, the 
existing flues would be cut and lowered down to the new support steel bridging between the 
boiler structure and the precipitator structure. The demolished flues would be rolled out on a 
temporary handling system to a staging area where they can be lifted with the erection crane. 


The new SCR outlet flues (or air pre-heater inlet flues) and blanking plates would then be set on 
the same staging area and rolled into place. The blanking plates would be set on top of the air 
pre-heater inlet flues, so that once they are rolled into place they can be fit and welded to the 
bottom of the remaining lower precipitator plenum. After the air pre-heater inlet flues are in 
place, the remaining SCR inlet support steel and flues would be erected and tied into the 
precipitator upper and lower plenums. Because of the proximity of the new versus the existing, it 
is expected that the air pre-heater inlet flues and blanking plates would be installed without 
being insulated in the ground-assembly area, and would be insulated after they are installed at 
elevation. 


It is also expected that the startup and commissioning procedures would allow for the SCR 
catalyst and seals to be installed prior to the tie-in outage. 


10.2.6 Baghouse Installation 


The individual baghouse cells are expected to be shipped in shop-assembled modules. The 
hopper and roof sections would be ground-assembled in sections that can be safely transported 
and erected. The lower sections of the baghouse can be erected and accessed by man-lifts; 
however, after the lower sections are installed, scaffolding would be installed to complete the 
installation and for insulation purposes. 


Because of the handling, fit-up and weld-out activities associated with the external sections of 
the baghouse, it would be erected bare, and insulated after all the seal welds have been leak 
tested. All flue sections from the baghouse to the axial fans and up to the tie-ins would be 
installed, leak-tested, and insulated prior to the outage. All seal welds on the flues, baghouses, 
SCR reactors, and air ducts would be leak-tested with bio-diesel and accepted by site quality 
inspectors prior to insulating. Final tie-ins would be accepted with the same process. 


The two booster fans per unit would be completely installed with the exception of the tie-ins to 
the existing flues prior to the outage. 


For the Unit 1 SCR and Baghouse Option, a second 660-ton capacity crawler crane would be 
required to install the baghouses and associated flues, in addition to the 660-ton capacity crane 
for the SCRs. For the elevated baghouse, the crane would be positioned in the existing roadway 
directly north of the new baghouse location. For the baghouse located at grade, the crane would 
be positioned in the existing roadway northeast of the new baghouse location. Refer to 
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Appendix E, Attachment 3 (4 sheets), which illustrates the proposed location of the crawler 
crane in plan and elevation views and the associated lifting capacities at various radii. 


For the Unit 2 SCR and Baghouse Option, only the 1,250-ton capacity crawler crane would be 
required, with one relocation necessary. The relocation is necessary due to the existing Unit 2 
chimney blocking access for setting certain new flue segments and baghouse components. One 
crane setup position would be located directly east of the existing Unit 1 pump building, and 
directly north of the existing ash dewatering system. The other crane setup position would be 
located directly east of the existing Unit 2 pump building, and directly south of the existing ash 
dewatering system. Refer to Appendix E, Attachment 5, which illustrates the proposed location 
of each crane in plan and elevation views, and the associated lifting capacities at various radii. 


For the Unit 3 SCR and Baghouse Option, a second 660-ton capacity crawler crane would be 
required to install the baghouses and associated flue sections north of the baghouse and west 
of the Unit 3 chimney. The second crane is in addition to the 660-ton capacity crane for the 
SCRs. The second crane would be positioned along the existing roadway directly south of the 
new baghouse locations. Refer to Appendix E, Attachment 7, which illustrates the proposed 
location of the crawler crane in plan and elevation views and the associated lifting capacities at 
various radii. 


10.2.7 Outage requirements 


In order to relocate existing plant utilities and equipment to make room for the SCR and 
baghouse installation, it is anticipated that a short outage on the order of a week in duration 
would be required relatively early in the construction phase for each unit, about eighteen months 
prior to the major tie-in outage. Since this outage is not one of NGS’s regularly scheduled 
outages, the costs for lost generation associated with this outage have been included in the cost 
estimate. As shown in the preliminary construction schedule, it is expected that the major tie-in 
work for the SCRs and baghouses can be accomplished within the station’s scheduled 8-week 
outage durations. Since this major outage is one of NGS’s regularly scheduled outages, no 
additional costs for lost generation associated with this outage have been included in the cost 
estimate. 


10.3 STARTUP AND COMMISSIONING 


The preliminary Level I construction schedule developed in association with this estimate allows 
for approximately four months of startup and commissioning time. The schedule basis is that 
turnover of commissionable systems would start before the tie-in outage, and would conclude at 
approximately the completion of the outage. 


Based on previous experience with retrofit work on existing units, the construction estimate 
includes the cost of startup and commissioning staff and craft labor based on a percentage of 
project direct labor expense. It is anticipated that the startup and commissioning personnel for 
the expected duration would include approximately one (1) commissioning manager, three (3) 
commissioning engineers, and a support craft labor crew of fifteen (15) direct craftsmen and (7) 
indirect craftsmen at peak. The cost of time at site for equipment vendor representatives is not 
included in this estimate. 
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APPENDIX A. 
DESIGN BASIS 


 


Item 


SCR and Baghouse Capital Cost Estimate Design Basis, Revision B – April 16, 2010 
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APPENDIX B. 
CAPITAL COST ESTIMATE EQUIPMENT LIST 


 


Item 


SCR Option Capital Cost Estimate Equipment List 


SCR and Baghouse Capital Cost Estimate Equipment List 
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APPENDIX C. 
CLIMATE DATA 
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APPENDIX D. 
PIPING AND INSTRUMENTATION DIAGRAMS 


 
No. Title 


MSK-1002-01/02/03 Unit 1 Compressed Air System SCR and Baghouse (3 sheets) 


MSK-1003-01 Unit 1 Ammonia Vaporizing and Dilution Air Skids 


MSK-1004-01 Unit 1 Dry Sorbent Injection System Silo and Blowers 


MSK-1005-01 Unit 1 Flue Gas System SCR and Baghouse 


MSK-1005-02 Unit 1 Flue Gas System SCR 


MSK-1006-01 Unit 1 Waste Ash System SCR and Baghouse 


MSK-2002-01/02/03 Unit 2 Compressed Air System SCR and Baghouse (3 sheets) 


MSK-2003-01 Unit 2 Ammonia Vaporizing and Dilution Air Skids 


MSK-2004-01 Unit 2 Dry Sorbent Injection System Silo and Blowers 


MSK-2005-01 Unit 2 Flue Gas System SCR and Baghouse 


MSK-2005-02 Unit 2 Flue Gas System SCR 


MSK-2006-01 Unit 2 Waste Ash System SCR and Baghouse 


MSK-3002-01/02/03 Unit 3 Compressed Air System SCR and Baghouse (3 sheets) 


MSK-3003-01 Unit 3 Ammonia Vaporizing and Dilution Air Skids 


MSK-3003-02 Unit 3 Ammonia Vaporizing and Dilution Air Skids 


MSK-3003-02 Units 1-3 Anhydrous Ammonia Unloading Stations and Storage Tank 


MSK-3004-01 Unit 3 Dry Sorbent Injection System Silo and Blowers 


MSK-3005-01 Unit 3 Flue Gas System SCR and Baghouse 


MSK-3005-02 Unit 3 Flue Gas System SCR 


MSK-3006-01 Unit 3 Waste Ash System SCR and Baghouse 
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APPENDIX E. 
CRANE PLACEMENT 


 
Att. No. Title 


1. Level 1 Construction Schedule 


2. Unit 1 SCR Only Lift Options 


3. Unit 1 SCR & Baghouse Lift Options 


4. Unit 2 SCR Only Lift Options 


5. Unit 2 SCR & Baghouse Lift Options 


6. Unit 3 SCR Only Lift Options 


7. Unit 3 Baghouse Only Lift Options 
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APPENDIX F. 
ELECTRICAL SINGLE-LINE DIAGRAMS 


 
No. Title 


ESK-1000 Option A, SCR Option - Units 1-3 and Common 


ESK-1001 Option B, SCR and Baghouse Option - Unit 1 


ESK-1001 Option B, SCR and Baghouse Option - Unit 2 


ESK-1001 Option B, SCR and Baghouse Option - Unit 3 
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APPENDIX G. 
PROJECT SCHEDULES 


 
Item 


Foster Wheeler Schedule 


SCR Option Level 1 Schedule 


SCR Option Level 3 Schedule 


SCR and Baghouse Option Level 1 Schedule 


SCR and Baghouse Option Level 3 Schedule 


 
 







  
   


  Appendixes 
  SL-010214 
  Revision D 


  
 
 


 
Navajo Report SCR and BH Cost Est Rev D.docx August 17, 2010
 Project No. 12656-001


 


 


APPENDIX H. 
FOSTER WHEELER BASIS OF LABOR 


 
Att. No. Title 


1. Not Used (see Foster Wheeler Schedule in Appendix G) 


2. SCR and Baghouse Capital Cost Estimate 


3. SCR and Baghouse Construction Estimate – Heavy Lift and Transportation 


4. Mammoet Heavy Lift Proposal 


5. Pullman Power Estimate 


6. Construction Cost Estimate, Rev. 1 
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APPENDIX I. 
GENERAL ARRANGEMENT DRAWINGS 


 
No. Title 


MSK-1000 Units 1-3 SCR Option Site Plan 


MSK-1001 Units 1-3 SCR and Baghouse Option Site Plan (2 sheets) 


MSK-1002 Unit 1 SCR Option Site Plan 


MSK-1002 Unit 2 SCR Option Site Plan 


MSK-1002 Unit 3 SCR Option Site Plan 


MSK-1003 Unit 1 SCR and Baghouse Option Site Plan 


MSK-1003 Unit 2 SCR and Baghouse Option Site Plan 


MSK-1003 Unit 3 SCR and Baghouse Option Site Plan 
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APPENDIX J. 
CONCEPTUAL CAPITAL COST ESTIMATES 


 
Item/No. Title 


Conceptual Cost Estimate Summary  


Detailed Costs  


30621A SCR Option Unit 1 


30622A SCR Option Unit 2 


30623A SCR Option Unit 3 and Common 


30412D SCR with Dry Sorbent Injection Option Unit 1 


30413D SCR with Dry Sorbent Injection Option Unit 2 


30414D SCR with Dry Sorbent Injection Option Unit 3 and Common 


30415D SCR and Baghouse Option Unit 1 


30416D SCR and Baghouse Option Unit 2 


30417D SCR and Baghouse Option Unit 3 and Common 


Risk Analysis to Determine Contingencies  


Quarterly Cash Flows  


O&M Costs  
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APPENDIX K. 
SPECIFICATION SUMMARY PACKAGES 


 
Item 


SCR Option Ammonia Storage and Feed System 


SCR Option Catalyst 


SCR Option Dry Sorbent Injection System 


SCR Option ID Fan Rotor Replacement 


SCR and Baghouse Option Pulse Jet Fabric Filters 


SCR and Baghouse Option Air Compressor 


SCR and Baghouse Option ID Booster Fans 


SCR and Baghouse Option Unit Auxiliary Transformer 
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APPENDIX L. 
MASTER PROCUREMENT LIST 
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APPENDIX M. 
MODEL FILES 


[.jsm Files] 
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APPENDIX N. 
MODEL VIEWS 


 
Item 


SCR Aerial 


SCR Iso 


SCR Plan 


Unit 1 SCR West 


Unit 2 SCR West 


Unit 3 SCR West 


Baghouse Aerial 


Baghouse Iso 


Baghouse Plan 


Unit 1 Baghouse West 


Unit 2 Baghouse West 


Unit 3 Baghouse West 
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APPENDIX O. 
SRP-PROVIDED DATA 


Appendix O.1 - Underground Piping 
 
No. Title 


A-665-C143 Key Plan 


A-665-C148 Area Plan Sheet 5 


A-665-C149 Area Plan 


A-665-C150 Area Plan Sheet 7 


A-665-C151 Area Plan Sheet 8 


A-665-C152 Area Plan Sheet 9 


A-665-C153 Area Plan Sheet 10 


A-665-C154 Area Plan Sheet 11 


A-665-C155 Area Plan Sheet 12 


A-665-C165 Area Plan Sheet 22 


A-665-C169-1 Area Plan Crystallizer Building, Brine Concentrators, Cooling Tower, Blow Down Surge 
Tanks, Condensate Storage Tank 


A-665-C169-2 Brine Concentrator and Crystallizer Area 


A-665-C262 Water Treatment Area Plan 
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APPENDIX O. 
SRP-PROVIDED DATA 
Appendix O-3 – Howden 
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APPENDIX O. 
SRP-PROVIDED DATA 


Appendix O-4 – Navajo Questionnaire 
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APPENDIX O. 
SRP-PROVIDED DATA 


Appendix O-5 – SGS Coal Analysis 
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APPENDIX O. 
SRP-PROVIDED DATA 
Appendix O-6 – Flue Gas 


No. Title 


- APH Flue Gas Inlet Temp 


- ESP Outlet Flue Gas Temp vs Load 


- Historian Data List 


- NOx vs Load 


- O2 vs Load 


SK92-M0018 Air/ Gas Sys. Static Pressure Profile 
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APPENDIX O. 
SRP-PROVIDED DATA 


Appendix O-7 – Acid Mist Sampling 
No. Title 


- Rev-Pt1of2 Navajo Acid Mist 264-001 11-16-09 


- Rev-Pt2of2 Navajo Acid Mist 264-001 11-16-09 
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SRP-PROVIDED DATA 


Appendix O-8 – Equipment Data 
No. Title 


- Air Preheater 


- FD Fans 


- ID Fans 


- Precipitator 


- Steam Generator 
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APPENDIX P. 


NATIONAL PARK SERVICE  
&  


ENVIRONMENTAL PROTECTION AGENCY  
COMMUNICATIONS 


No. Title 


1 Minutes of SRP/ NPS meeting July 20, 2010 


2 Summary of NPS comments and SRP responses 


3 SRP and NPS email communication 


4 SRP Responses to EPA comments in 8/24/2010 meeting 


5 Calculation of cost using EPA Pollution Control Cost Manual (PCCM) 
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October 6, 1999 


Lynn Fiedler, Supervisor 
Permit Section 
Michigan Department of Environmental Quality 
P.O. Box 30260 
Lansing, Michigan 48909-7760 


Dear Ms Fiedler: 


(AR-18J) 


The purpose of this letter is to inform you of the United States 
Environmental Protection Agency's (USEPA) position regarding the 
Prevention of Significant Deterioration (PSD) permit application 
and proposed permit for Cadillac Renewable Energy. It is the 
USEPA's position that the applicant has not performed an 
appropriate Best Available Control Technology (BACT) analysis. 
Specifically the applicant has not documented or substantiated 
the information on which assertions and conclusions are made. 
Most importantly, even assuming the unsubstantiated information 
as valid, the applicant has not adequately justified why the 
source should not be required to apply emissions controls. 


All major stationary sources undertaking a major modification 
subject to the PSD regulations of title 40 Code of Federal 
Regulations section (40 CFR) 52.21 must conduct an analysis to 
ensure the application of BACT. The requirement to conduct a 
BACT analysis and determination is set forth in section 165(a) (4) 
of the Clean Air Act, and in the implementing regulations at 
40 CFR 52.2l(j). Further, under 40 CFR 52.21(n), the applicant 
must submit and substantiate all information necessary to perform 
an analysis and make determinations. In these regulations, BACT 
is defined as" ... an emission limitation based on the maximum 
degree of reduction for each pollutant subject to regulation 
und.er the ACT which would be emitted from . . . any source 
which is determined to be achievable taking into account energy, 
environmental and economic impacts." It should be noted that 
possible grounds for overturning a BACT decision include an 
inappropriate review (BACT procedures not correctly.followed), an 
incomplete review (BACT decisions not correctly justified), or a 
review based on false or misleading information. ~ 


The USEPA requires a "top-down" BACT analysis to determine the 
appropriate emission limitation (See the memorandum dated 
December 1, 1987, entitled Transmittal of Background Statement on 
"Top-Down" BACT.)- Following a top-down approach, the applicant 
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must consider all available alternatives, and demonstrate why the 
most string~nt should not be adopted. The top-down approach 
explicitly calls upon PSD applicants to consider the most 
stringent controls first, and either adopt those controls or 
explain why they are not achievable. Under BACT, consideration 
of energy, environmental, or economic impacts may justify a 
lesser degree of control. 


The USEPA has consistently interpreted statutory and regulatory 
BACT definitions as containing two core requirements that the 
agency believes must be met by any BACT determination, regardless 
of whether it is conducted in a top-down manner. First, the BACT 
analysis must include consideration of the most stringent 
available control technologies (i.e., those which provide the 
maximum degree of emissions reduction) . Second, any decision to 
require a lesser degree of emissions reduction must be justified 
by an objective analysis of energy, environmental, and economic 
impacts. 


Most stringent Control Technology 


Pursuant to 40 CFR 52.21(j), Cadillac Renewable Energy must 
conduct a BACT analysis and determination for sulfur dioxide, 
sulfuric acid, and particulate matter emissions. The USEPA 


·believes that the most stringent control technology available can 
achieve a greater than 90 percent reduction in sulfur dioxide, 
sulfuric acid, and particulate matter emissions. As stated 
above, the top-down approach explicitly calls upon PSD applicants 
to consider the most stringent controls first, and either adopt 
those controls or explain why they are not achievable. The 
applicant has neither identified this level of control for these 
pollutants nor demonstrated that it is infeasible. Any decision 
to require a lesser degree of emissions reduction must be 
justified by an objective analysis of energy, environmental, and 
economic impacts. 


Economic Considerations 


BACT is required by law, and it's costs are irttegral to overall 
cost of doing business. As stated above, as part of the BACT 
analysis, the applicant must justify why controls should not be 
required due to economic impact. This justification must include 
documenting capital and operating costs, either with. data 
supplied by an equipment vendor or by a referenced source. 
Furthermore, the applicant must document the design ~arameters to 
independently verify claimed costs. Finally, where the initial 
control cost projections on the part of the applicant appear 
excessive or unreasonable, more detailed and comprehensive cost 
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data are necessary. Because the applicant has not substantiated 
or documented such costs, any claim of adverse economic impact 
cannot be considered valid. 


Even assuming the applicants cost claims as legitimate, USEPA has 
not found any valid justification for a determination that would 
not require the most stringent controls. The applicant claims 
that the anticipated economic benefit to the company for burning 
tires is $339,400. The applicant then concludes essentially that 
any environmental controls that would cost more than that sum are 
economically infeasible, and therefore should not be required. 
However a closer inspection of the applicants analysis reveals 
that the justification is flawed. The sum of $339,400 represents 
the savings the company would generate by burning tires in place 
of wood without proper environmental controls. As stated above, 
BACT is required by law, and it's costs are integral to the 
overall cost of doing business. The USEPA cannot allow 
applicants to claim economic infeasibility simply because the 
total profit generated by the source would be less if the proper 
environmental controls are required. 


Further, even using the applicants cost calculations, the total 
annualized cost for an 80 percent efficient sodium scrubber is 
$1.6 million. Based on a 375 ton reduction in sulfur dioxide 
emissions, and a 60 ton reduction in sulfuric acid mist, this 
annualized figure translates into a cost effectiveness of 
$3,700/ton of pollutant removed. The USEPA maintains, barring 
other information of adverse economic impact, that a cost 
effectiveness of $3,700/ton of pollutant removed is not cost 
infeasible. We also believe that the actual annualized cost 
would be much closer to the number calculated by MDEQ, which is 
$662,000. This number, while not taking into account site
specific retrofit issues, translates into a cost effectiveness of 
$1,500/ton pollutant removed. 


Finally, where controls have been effectively employed in the 
same source category, the economic impact of such controls on the 
particular source under review should not be nearly as pertinent 
to the BACT decision making process. Thus, where controls have 
been successfully applied to similar sources in a source 
category, an applicant should concentrate on documenting 
significant cost differences, if any, between the application of 
the controls on those sources and the particular so~rce under 
review. 


At least three other facilities in this source category have been 
identified that employed flue gaif-desulfurization emissions 
controls. The facilities are: 
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Ridge Generating Station, Florida 
Champion International, Alabama 
Chewton Glen Energy, IL 


The applicant has not documented any significant cost differences 
,between these facilities, that have been required to employ flue 
gas desulfurization emissions controls, and the Cadillac 
Renewable Energy facility. The only cost differences that have 
been identified are unsubstantiated, and include costs for 
removal and demolition of the existing stack and costs for 
demolition and relocation of the ash building. The USEPA finds 
these costs do not justify a determination of not requiring 
controls. 


Conclusion 


Regardless of what pollution controls other projects were 
required to install, the modification of this source triggered a 
PSD review, which in turn requires a "top-down" BACT analysis. 
The "top-down" BACT analysis requires that the most stringent 
controls be evaluated first, the second most stringent controls 
evaluated second, and so on. Only after convincing arguments are 
presented showing that a control is either technicaly infeasible 
or is unreasonable based upon energy, environmental or economic 
concerns, can this control be rejected as BACT. 


The applicant has only made unsubstantiated claims of adverse 
economic impact. Analyzed without substantiation, these claims 
do not justify requiring a lesser degree of control due to 
economic impact. Unless unique and convincing arguments are 
presented showing that the use of 90 percent efficient wet 
scrubber controls are infeasible, the controls should be required 
as BACT. 


Based on the issues outlined above, it is the position of the 
USEPA that this permit does not meet the requirements of the 
Clean Air Act section 165{a) {4) and its implementing regulations 
at 40 CFR 52.21. We would like to continue to work with Michigan 
Department of Environmental Quality to ensure that a permit 
meeting the requirements of the Clean Air Act and associated 
rules and regulations is issued. If we can answer any questions 
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,} 


regarding these comments, please contact Eaton Weiler, Permit 
Engineer, at (312) 886-6041. 


Sincerely yours, 


/s/ 


Robert B. Miller, Chief 
Permits and Grants Section 


cc: Mary Ann Dolehanty 
Michigan Department of Environmental Quality 


Hein Nguyen 
Michigan Department of Environmental Quality 
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standard bee's: official file copy w/attachment(s) 
originator's file copy w/attachment(s) 
originating organization reading file w/attachment(s) 


other bee's: Laura Hartman (via WPO) 
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NOTE: Draft determinations are marked with a " * " beside the RBLC ID. 


               Required fields are denoted by "+".  


 
Report Date: 05/05/2010            Control Technology Determinations (Freeform) 


Facility Information: AEP WATERFORD ENERGY LLC 


RBLC ID: OH-0255


+Corporate/Company


Name: AMERICAN ELECTRIC POWER


+Facility Name: AEP WATERFORD ENERGY LLC


Facility County: WASHINGTON


Facility State: OH


Facility ZIP Code: 43235


Facility Country: USA


Facility Contact Name: MARK HIGGEN


Facility Contact Phone:


Facility Contact Email:


EPA Region: 5


Agency Code: OH001


Agency Name: OHIO ENVIRONMENTAL PROTECTION AGENCY


Agency Contact: MS. CHERYL SUTTMAN 


Agency Phone: (614)644-3617 


Agency Email: CHERYL.SUTTMAN@EPA.STATE.OH.US 


Other Agency Contact


Info:


CHERYL E. SUTTMAN 


122 S. FRONT ST.


COLUMBUS, OH 43215


614-644-3617


+Permit Number: 06-06739


+SIC Code: 4911


NAICS Code: 221112


Facility Registry System


Number: 110012193492


Application Accepted


Received Date: 06/05/2000 ACT


Permit Issuance Date: 03/29/2001 ACT


Date determination


entered in RBLC: 04/10/2003


Date determination last


updated: 05/12/2008


Permit Type: Both B: (Add new process to existing facility) &C: (Modify process at


existing facility) 


Permit URL:


Facility Description: THREE 170 MW NATURAL GAS-FIRED COMBUSTION TURBINES;


STAGE I SIMPLE CYCLE TO STAGE II COMBINED CYCLE


Permit Notes: THREE 170 MW NATURAL GAS-FIRED COMBUSTION TURBINES;


Previous Page







Permit Notes: THREE 170 MW NATURAL GAS-FIRED COMBUSTION TURBINES;


STAGE I SIMPLE CYCLE TO STAGE II COMBINED CYCLE, WITH


ADDING 3 HEAT RECOVERY STEAM GENERATORS; W/ DUCT


BURNERS; AND AXULIARY NATURAL GAS-FIRED 85.2


MMBTU/HR BOILER; DIESEL-FIRED EMERGENCY GENERATOR


AND FIRE PUMP; A 2-CELL BLOW-DOWN COOLING TOWER; 9.3


MMBTU/HR NATURAL GAS-FIRED HEATER. ORIGINAL PERMIT


WAS PTI# 06-06206 ISSUED TO AEP; PERMIT # CHANGED


06-06739 W/ STARTUP/SHUTDOWN EMISSIONS ADDED


   


Affected Boundaries: AEP WATERFORD ENERGY LLC 


   


Facility-wide Emissions: AEP WATERFORD ENERGY LLC 


+Pollutant Name: Carbon Monoxide


Facility-wide Emissions


Increase: 1128.9000 (Tons/Year)


+Pollutant Name: Nitrogen Oxides (NOx)


Facility-wide Emissions


Increase: 460.9000 (Tons/Year)


+Pollutant Name: Particulate Matter (PM)


Facility-wide Emissions


Increase: 310.8000 (Tons/Year)


+Pollutant Name: Sulfur Oxides (SOx)


Facility-wide Emissions


Increase: 170.0000 (Tons/Year)


+Pollutant Name: Volatile Organic Compounds (VOC)


Facility-wide Emissions


Increase: 97.3000 (Tons/Year)


Process Information: AEP WATERFORD ENERGY LLC 


+Process Name: COMBUSTION TURBINES (3), SIMPLE CYCLE


+Process Type: 15.110


Primary Fuel: NATURAL GAS


Throughput: 170.00


Throughput Unit: MW


Process Notes: 3 turbines 170 MW each, w/ DLN. Phase I Emission Limitations


   


Pollutant Information: AEP WATERFORD ENERGY LLC - COMBUSTION TURBINES (3),


SIMPLE CYCLE 


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0







Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 33.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 28.1000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 9.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: LIMITS ARE FOR EACH TURBINE. 


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: DRY LOW NOX BURNERS (DLN), STAGE I


Emission Limit 1: 64.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:







Emission Limit 2: 54.4000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 9.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency: 90.000


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: LIMITS ARE FOR EACH TURBINE.


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 18.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 15.3000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.







Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Limits are for each turbine.


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 3.2000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 2.7000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U







+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: LIMITS ARE FOR EACH TURBINE. 


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 12.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 10.2000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance







Pollutants/Compliance


Notes: Limits are for each turbine.


   


+Pollutant Name Sulfuric Acid (mist, vapors, etc)


Pollutant Group(s): ( InOrganic Compounds , Particulate Matter (PM) ) 


+CAS Number: 7664-93-9


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.4800


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0.4100


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: N/A


Other Applicable


Requirements: SIP 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Limits are for each turbine.


   


+Pollutant Name Formaldehyde


Pollutant Group(s): ( Hazardous Air Pollutants (HAP) , Organic Compounds (all) , Volatile


Organic Compounds (VOC) ) 


+CAS Number: 50-00-0


Test Method: Unspecified


+Control Method Code: N







+Control Method


Description:


Emission Limit 1: 0.2300


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0.2000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: N/A


Other Applicable


Requirements: SIP 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Limits are for each turbine.


   


+Pollutant Name Visible Emissions (VE)


Pollutant Group(s):


+CAS Number: VE


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: % OPACITY


Emission Limit 1 Avg.


Time/Condition: 6 MINUTE AVERAGE


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.







Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 10.0000


Standard Emission


Limit Unit: % OPACITY


Standard Limit Avg.


Time/Condition: 6 MINUTE AVERAGE


+Case-by-Case Basis: N/A


Other Applicable


Requirements: SIP 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: LIMITS FOR EACH TURBINE.


   


Process Information: AEP WATERFORD ENERGY LLC 


+Process Name: BOILER, NATURAL GAS


+Process Type: 13.310


Primary Fuel: NATURAL GAS


Throughput: 85.20


Throughput Unit: MMBTU/H


Process Notes:


   


Pollutant Information: AEP WATERFORD ENERGY LLC - BOILER, NATURAL GAS 


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 3.0700


Emission Limit 1 Unit: LB/H







Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 13.4000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0360


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: LOW S NATURAL GAS, 2 GR/100 SCF


Emission Limit 1: 0.0500


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0.2200


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0006


Standard Emission







Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 6.3000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 27.6000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0740


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then







Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.3500


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0.0041


Emission Limit 2 Unit: LB/MMBTU


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0041


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:







Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.4300


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 1.8700


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0050


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Visible Emissions (VE)


Pollutant Group(s):


+CAS Number: VE







Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 20.0000


Emission Limit 1 Unit: % OPACITY


Emission Limit 1 Avg.


Time/Condition: 6 MINUTE AVERAGE


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 20.0000


Standard Emission


Limit Unit: % OPACITY


Standard Limit Avg.


Time/Condition: 6 MINUTE AVERAGE


+Case-by-Case Basis: N/A


Other Applicable


Requirements: SIP 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


Process Information: AEP WATERFORD ENERGY LLC 


+Process Name: TURBINES (3), COMBINED CYCLE, W/O DUCT FIRING


+Process Type: 15.210


Primary Fuel: NATURAL GAS


Throughput: 170.00


Throughput Unit: MW


Process Notes: (3) GE 7FA COMBUSTION TURBINES OPERATING IN COMBINED


CYCLE MODE W/O DUCT FIRING. CONTROLLED BY DRY LOW


NOX (DLN) COMBUSTORS AND SELECTIVE CATALYTIC


REDUCTION (SCR). STAGE II EMISSION LIMITATIONS.







   


Pollutant Information: AEP WATERFORD ENERGY LLC - TURBINES (3), COMBINED


CYCLE, W/O DUCT FIRING 


+Pollutant Name Formaldehyde


Pollutant Group(s): ( Hazardous Air Pollutants (HAP) , Organic Compounds (all) , Volatile


Organic Compounds (VOC) ) 


+CAS Number: 50-00-0


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.2300


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 1.0600


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: N/A


Other Applicable


Requirements: SIP 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: LIMITS FOR EACH TURBINE.


   


+Pollutant Name Sulfuric Acid (mist, vapors, etc)


Pollutant Group(s): ( InOrganic Compounds , Particulate Matter (PM) ) 


+CAS Number: 7664-93-9







Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.4800


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 2.3000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: N/A


Other Applicable


Requirements: SIP 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: LIMITS FOR EACH TURBINE.


   


+Pollutant Name Visible Emissions (VE)


Pollutant Group(s):


+CAS Number: VE


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: % OPACITY


Emission Limit 1 Avg.


Time/Condition: 6 MINUTE AVERAGE


Emission Limit 2: 0







Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 10.0000


Standard Emission


Limit Unit: % OPACITY


Standard Limit Avg.


Time/Condition: 6 MINUTE AVERAGE


+Case-by-Case Basis: N/A


Other Applicable


Requirements: SIP 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: LIMITS FOR EACH TURBINE.


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: B


+Control Method


Description:


DRY LOW NOX (DLN) AND SELECTIVE CATALYTIC


REDUCTION (SCR).


Emission Limit 1: 25.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 146.9000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 3.5000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.







Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency: 90.000


Compliance Verified: Unknown 


Cost Effectiveness: 11,325 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2000


Pollutants/Compliance


Notes:


LIMITS ARE FOR EACH TURBINE. COST ANALYSIS IS FOR ONE


SYSTEM. STARTUP EMISSIONS FOR NOX IN MODIFICATION OF


3/20/07: 418 LB/CYCLE AND 27.4 T/YR


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 21.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 100.0000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then







Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: EMISSION LIMITS FOR EACH TURBINE.


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 33.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 366.6000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 9.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:







Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


LIMITS FOR EACH TURBINE. STARTUP EMISSIONS FOR CO IN


MODIFICATION OF 3/20/07: 1127 LB/CYCLE AND 150.1 T/YR


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 3.2000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 31.8000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


LIMITS FOR EACH TURBINE. STARTUP EMISSIONS FOR VOC IN


MODIFICATION OF 3/20/07: 97 LB/CYCLE AND 10.6 T/YR


   


+Pollutant Name Ammonia (NH3)


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 7664-41-7







Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 26.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 123.1000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: N/A


Other Applicable


Requirements: SIP 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: LIMITS FOR EACH TURBINE.


   


Process Information: AEP WATERFORD ENERGY LLC 


+Process Name: TURBINES (3), COMBINED CYCLE, W/ DUCT FIRING


+Process Type: 15.210


Primary Fuel: NATURAL GAS


Throughput: 170.00


Throughput Unit: MW


Process Notes: (3) GE 7FA COMBUSTION TURBINES OPERATING IN COMBINED


CYCLE MODE AND DUCT FIRING, CONTROLLED BY DRY LOW


NOX (DLN) AND SELECTIVE CATALYTIC REDUCTION (SCR).


PHASE II EMISSION LIMITATIONS.







   


Pollutant Information: AEP WATERFORD ENERGY LLC - TURBINES (3), COMBINED


CYCLE, W/ DUCT FIRING 


+Pollutant Name Visible Emissions (VE)


Pollutant Group(s):


+CAS Number: VE


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: % OPACITY


Emission Limit 1 Avg.


Time/Condition: 6 MINUTE AVERAGE


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 10.0000


Standard Emission


Limit Unit: % OPACITY


Standard Limit Avg.


Time/Condition: 6 MINUTE AVERAGE


+Case-by-Case Basis: N/A


Other Applicable


Requirements: SIP 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Ammonia (NH3)


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 7664-41-7


Test Method: Unspecified







+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 30.6000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 123.1000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: N/A


Other Applicable


Requirements: SIP 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: LIMITS FOR EACH TURBINE.


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 69.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 366.6000


Emission Limit 2 Unit: T/YR







Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 15.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


LIMITS FOR EACH TURBINE. STARTUP EMISSIONS FOR CO IN


MODIFICATION OF 3/20/07: 1127 LB/CYCLE AND 150.1 T/YR


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 6.8000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 31.8000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD







Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


LIMITS FOR EACH TURBINE. STARTUP EMISSIONS FOR VOC IN


MODIFICATION OF 3/20/07: 97 LB/CYCLE AND 10.6 T/YR


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: B


+Control Method


Description:


DRY LOW NOX (DLN) COMBUSTORS AND SELECTIVE


CATALYTIC REDUCTION (SCR)


Emission Limit 1: 30.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 146.9000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 3.5000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency: 90.000


Compliance Verified: Unknown 







Cost Effectiveness: 11,325 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2000


Pollutants/Compliance


Notes:


LIMITS FOR EACH TURBINE. STARTUP EMISSIONS FOR NOX IN


MODIFICATION OF 3/20/07: 418 LB/CYCLE AND 27.4 T/YR


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 25.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 100.0000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: LIMITS FOR EACH TURBINE.


   







+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 14.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 56.6000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: LIMITS FOR EACH TURBINE.


   


+Pollutant Name Sulfuric Acid (mist, vapors, etc)


Pollutant Group(s): ( InOrganic Compounds , Particulate Matter (PM) ) 


+CAS Number: 7664-93-9


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.5600


Emission Limit 1 Unit: LB/H







Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 2.3000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: N/A


Other Applicable


Requirements: SIP 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: LIMITS FOR EACH TURBINE.


   


+Pollutant Name Formaldehyde


Pollutant Group(s): ( Hazardous Air Pollutants (HAP) , Organic Compounds (all) , Volatile


Organic Compounds (VOC) ) 


+CAS Number: 50-00-0


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.2600


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 1.0600


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0







Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: N/A


Other Applicable


Requirements: SIP 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: LIMITS FOR EACH TURBINE.


   


Process Information: AEP WATERFORD ENERGY LLC 


+Process Name: EMERGENCY GENERATOR


+Process Type: 17.110


Primary Fuel: DIESEL


Throughput: 1000.00


Throughput Unit: KW


Process Notes: 1000 KW EMERGENCY DIESEL FUEL FIRED GENERATOR, 1341


HP. LIMITED TO 500 H/YR OF OPERATION.


   


Pollutant Information: AEP WATERFORD ENERGY LLC - EMERGENCY GENERATOR 


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.8200


Emission Limit 1 Unit: T/YR


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0







Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition: Not Available


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


Standardized limit not available. Unit limited to 500 hours per 12 month


period.


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.2200


Emission Limit 1 Unit: T/YR


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition: Not Available







+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


Standardized limit not available. Unit limited to 500 hours per 12 month


period.


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.0200


Emission Limit 1 Unit: T/YR


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 







Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Unit limited to 500 hours per 12 month period.


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: LOW SULFUR FUEL


Emission Limit 1: 0.0100


Emission Limit 1 Unit: T/YR


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Unit limited to 500 hours per 12 month period.


   







+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.0100


Emission Limit 1 Unit: T/YR


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Unit limited to 500 hours per 12 month period.


   


Process Information: AEP WATERFORD ENERGY LLC 


+Process Name: FIRE WATER PUMP


+Process Type: 17.210


Primary Fuel: DIESEL


Throughput: 290.00


Throughput Unit: KW


Process Notes: 290 KW EMERGENCY DIESEL FUEL FIRE WATER PUMP, 389 HP.







Process Notes: 290 KW EMERGENCY DIESEL FUEL FIRE WATER PUMP, 389 HP.


LIMITED TO 500 H/YR OPERATION.


   


Pollutant Information: AEP WATERFORD ENERGY LLC - FIRE WATER PUMP 


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.0200


Emission Limit 1 Unit: T/YR


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Unit limited to 500 hours per 12 month period.


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0







Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.0500


Emission Limit 1 Unit: T/YR


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


Standardized limit not available. Unit limited to 500 hours per 12 month


period.


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: LOW SULFUR FUEL


Emission Limit 1: 0.0030


Emission Limit 1 Unit: T/YR


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0







Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Unit limited to 500 hours per 12 month period.


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.0170


Emission Limit 1 Unit: T/YR


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:







+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Unit limited to 500 hours per 12 month period.


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.2400


Emission Limit 1 Unit: T/YR


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:







Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


Standardized limit not available. Unit limited to 500 hours per 12 month


period.
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UNITED STATES ENVIRONMENTAL PROTECTION AGENCY 
REGION 8 


Ref: 8ENF-L 


Via Email and UPS Overnight 


Mr. Terry O'Clair 
Director, Division of Air Quality 
North Dakota Department of Health 
918 E. Divide Avenue 
Bismarck, ND 58501-1947 


Dear Mr. O'Clair: 


1595 Wynkoop Street 
DENVER, CO 80202-1129 


Phone 800-227-8917 
http://www.epa.gov/region08 


Re: EPA's Comments on the North Dakota 
Department of Health's April 2010 Draft 
BACT Determination for NOx for the 
Milton R. Young Station 


This letter transmits the United States Environmental Protection Agency's (EPA's) 
comments on the North Dakota Department of Health's (NDDH's) April 2010, Draft Best 
Available Control Technology (BACT) Determination for Nitrogen Oxides (NOx) for Milton R. 
Young Station (MRYS), Units 1and2 (Draft BACT Determination). 


The Draft BACT Determination concludes that low-dust and tail end Selective Catalytic 
Reduction (SCR) are not cost effective NOx controls at MRYS. The Draft BACT Determination 
found that low-dust SCR (LDSCR) would be more cost effective than tail-end SCR (TESCR), 
and evaluated the cost effectiveness ofLDSCR based upon NDDH's conclusion that the average 
cost effectiveness for LDSCR is $4,201 per ton for Unit 1 and $4,822 per ton for Unit 2. 1 


NDDH's Draft BACT Determination also concludes that LDSCR was not cost effective because 
of the incremental costs of these controls. 


The Draft BACT Determination is not supported by the record and is not reasonable in 
light of applicable statutory and regulatory provisions for two reasons. First, the Draft BACT 
Determination relied upon unreasonable assumptions and factors not authorized by law to 
determine the cost effectiveness of SCR at MRYS. This resulted in a significant overestimate of 


1. Since NDDH found that LDSCR was more cost effective than TESCR, these comments are focused on LDCSR, 
but most of the comments also apply to TESCR. 







EPA Comments on NDDH Preliminary 
NOx BACT Determination for MRYS 


the cost of these controls. Second, even NDDH's unreasonably inflated cost estimates are on the 
same order as costs previously borne by other sources and must be considered cost effective. 


I. SCR is Cost Effective Based upon NDDH's Inflated Cost Estimates 


The Consent Decree that EPA and NDDH entered into with Minnkota requires NDDH to 
conduct its BACT analysis in accordance with the applicable federal and state statutes, and the 
provisions of Chapter B ofEPA's "New Source Review Workshop Manual---Prevention of 
Significant Deterioration and Nonattainrnent Area Permitting," (October 1990) (NSR Manual).2 


The NSR Manual is used nationwide in PSD permitting decisions and provides that, "if the cost 
of reducing emissions with the top control alternative, expressed in dollars per ton, is on the 
same order as the cost previously borne by other sources of the same type in applying that 
control alternative, the alternative should initially be considered economically achievable, and 
therefore acceptable as BACT."3 The NSR Manual further provides that "cost estimates used in 
BACT are typically accurate to± 20 to 30 percent. Therefore, control cost options which are 
within ± 20 to 30 percent of each other should generally be considered to be indistinguishable 
when comparing options. "4 


According to the NSR Manual, the economic impacts component of a BACT analysis 
may include an examination of both the average cost effectiveness and the incremental cost 
effectiveness of a control option.5 The Manual defines the "average cost effectiveness" as the 
"total annualized costs of control divided by annual emission reductions, or the difference 
between the baseline emission rate and the controlled emission rate ... "6 


NDDH's Draft BACT Determination failed to conduct an adequate comparison of the 
av~rage cost effectiveness of SCR at MRYS with other sources. NDDH only reviewed the cost 
effectiveness of a small select group of facilities with SCRs in nearby states, ignoring the costs 
borne by facilities that installed NOx controls throughout the country. The Clean Air Act, the 
PSD regulations, and the NSR Manual do not allow a permitting authority to restrict its 
comparative review to a subset of the whole of the sources that have undergone BACT review 
for NOx. This review should have been nationwide, and the dollars per ton removed of NOx can 
be compared to sources undergoing PSD review across the country. Although a permitting 
authority may consider unique circumstances relating to the location of a facility in determining 
the total costs of a BACT control technology at that facility, it may not ignore the cost 
effectiveness determinations from other parts of the country and choose to allow 


2 See http://www.epa.gov/ttn/nsr/gen/wkshpman.pdf. 
3. See NSR Manual at B.44. 
4. Id. 
5. See NSR Manual at B.41. 
6. Id. at B.36. 
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facilities to avoid the installation of BACT level controls by setting unreasonable low cost 
effectiveness thresholds. 


The Draft BACT Determination is also deficient because it compared the calculated cost 
effectiveness ofLDSCR at MRYS with the average of the costs of controls from the facilities 
within the small group selected by NDDH, instead of comparing the MRYS costs with individual 
costs at the other facilities. NDDH's comparison of the cost effectiveness ofLDSCR at the 
MRYS with the average costs of a small group of facilities is inconsistent with the NSR Manual 
and frustrates the technology-forcing function of the BACT process because it ignores the higher 
costs that other sources had to bear to install the same controls. Since the NSR program is 
designed to maximize the use of improved technologies and requires controls that will achieve 
the maximum reductions, the BACT analysis cannot just compare the cost effectiveness of 
proposed controls with the average costs borne by other sources, but should favor consideration 
of the highest control costs borne by other sources. The requirement in the Clean Air Act is for 
the "Best" available controls, not the "Average" available controls. 


Even the select group of control costs that NDDH used in the Draft BACT Determination 
demonstrates that the cost effectiveness ofLDSCR at MRYS was on the same order as the costs 
borne by other facilities. NDDH's Draft BACT determination concludes that the cost 
effectiveness for NOx controls at Wygen 3 was $4,037 per ton. This is within 4% ofNDDH's 
conclusions regarding the cost effectiveness ofLDSCR at Unit 1 ($4,201 per ton) and within 
19 % ofNDDH's conclusions regarding the cost effectiveness ofLDSCR at Unit 2 ($4,822 per 
ton). NDDH also compares the cost effectiveness ofLDSCR at MRYS with the BART cost 
analysis conducted for a number of units. Although EPA is not clear why NDDH relied upon 
these cost analyses, the cost of installing LDSCR at MRYS would also be on the same order as 
the cost of installing SCR at these units, even based upon NDDH's inflated cost estimates. 


NDDH also had information in the record relating to the cost effectiveness of at least two 
units that were on the same order as the cost effectiveness as LDSCR at MRYS, but did not 
include any discussion of these units in the Draft BACT Determination. On May 4, 2010, in 
response to a request from EPA, NDDH sent EPA "two files which contain excerpts from the 
BACT analyses we reviewed."7 These files contained a Permit Application Analysis from the 
Wyoming Department of Environmental Quality (WDEQ) with information regarding the cost 
estimates for Wygen 2. This document shows that the cost effectiveness of installing SCR at 
Wygen 2 to meet a rate of0.06 lbs/MMBtu was $4,156 per ton. WDEQ stated "[t]he BACT 
analysis indicates that 0.06 lb/MMBtu is technically feasible and the Division considers the total 
and incremental cost effectiveness to be reasonable. "8 The files also contained documents from 
the NDDH record with information from the RACT BACT LAER Clearinghouse relating to 


7. See Enclosure 1. 
8. See Enclosures 1 & 2. 
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Wisconsin Public Service Company's Weston 4 coal fired power plant. This information 
indicates that $6,116 per ton for installing SCR was considered cost effective by Wisconsin.9 


Since the NSR Manual provides that "control cost options which are within ± 20 to 30 
percent of each other should generally be considered to be indistinguishable when comparing 
options," even the data from NDDH's record indicates that the cost ofLDSCRs at MRYS is on 
the same order as the cost effectiveness of other sources and should, therefore, be presumed to be 
cost effective. 


The Draft BACT Determination states that the cost effectiveness of some of the facilities 
that it used for its comparison can be misleading because Minnkota used the highest removal 
efficiency of any analysis reviewed. As NDDH points out, the NSR Manual does state that an 
unrealistically low assessment of the emission reduction potential of a certain technology could 
result in inflated cost effectiveness figures. The NSR Manual explains that the emissions 
reductions must be considered reasonable, and supportable assumptions regarding control 
efficiencies should be made. Since the emissions reductions that were used in the cost estimates 
in this case were proposed by Minnkota and are consistent with current industry trends, it is 
reasonable to expect the LDSCRs at MRYS to achieve this removal efficiency. Furthermore, the 
discrepancy in assumed control efficiency can likely be attributed to MRYS's high baseline 
emission rate and thus, a higher potential for emission reduction. For example, the baseline 
emission rate noted in the NDDH determination for Sherco #2 is 0.20 lb/MMBtu compared to 
0.85 lb/MMBtu for MRYS Unit 1. As such, the SCR technology can be expected to have a 
higher percent removal at MRYS Unit 1 compared to Sherco #2 when the baseline emissions at 
MRYS are over four times higher than the baseline emissions at Sherco #2. 


After EPA received NDDH's Draft BACT Determination, it conducted a review of the 
cost effectiveness ofNOx controls at other facilities and a review ofrelevant literature and policy 
documents related to the cost effectiveness ofNOx controls. The determination ofBACT is 
based on the pollutant that triggered PSD, in this case NOx, and therefore the cost effectiveness 
(in dollars per ton removed) of any BACT control for NOx for any type of source can be 
compared to the cost effectiveness of any other source of NOx.· The results of this review, which 
are described below, make it clear that LDSCR is cost effective at MRYS, even based upon the 
inflated cost estimates used by NDDH: 


• In 2001, EPA issued guidance related to presumptive BACT for NOx at refineries being 
modified to meet EPA's low sulfur gasoline regulation. This guidance used a cost 
effectiveness threshold of $10,000 per ton ofNOx controlled in 2001 dollars. 10 


9. See Enclosure 1. 
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• The cost effectiveness threshold used for NOx reduction by several California air 
pollution control districts are substantially more than the threshold in this EPA guidance 
document, ranging from $9, 700 to $24,500 per ton. 11 


• Nebraska, Utah, Alabama, and Oklahoma have each stated that costs below $5,000 per 
ton will be presumed to be cost effective. 12 


• EPA Region 5 sent letters to Ohio and Indiana finding controls that were more expensive 
than LDSCR at MRYS to be cost effective. 13 


• EPA Region 4 sent letters to Alabama finding controls that. were more expensive than 
LDSCR at MRYS to be cost effective. 14 


• A paper presented at the June 2002 Air and Waste Management meeting reported the 
results of a survey of the threshold for economic feasibility in the BACT determinations 
and in the LAER determinations separately by state. This survey reported that 
Connecticut's BACT Determination average cost per ton was $9,000, Arkansas's was 
$5,108, and Michigan's was $22,000. 15 


10. See Memorandum from John S. Seitz, Director, OAQPS, to Air Division Directors regarding BACT and LAER 
for Emissions of Nitrogen Oxides and Volatile Organic Compounds at Tier 2/Gasoline Sulfur Refinery Projects., 
available at http://www.epa.gov/ttn/caaa/tl/memoranda/bactguid.pd£ See also, Delaware Air Regulation 
Development Committee Meeting#2 Minutes, April 19, 2006, available at 
http://www.regulations.gov/search/Regs/home.html#documentDetail?R=09000064807b7424. 
11. See San Joaquin Valley Unified Air Pollution Control District, Final Staff Report: Update to BACT Cost 
Effectiveness Thresholds, May 14, 2008 available at~ 
http://www.valleyair.org/busind/pto/bact/May%202008%20BACT%20cost°/o20effectiveness%20threshold%20upda 
te%20staff'/o20report.pdf, See also San Joaquin Valley Unified Air Pollution Control District, Draft BACT Control 
Technology Policy, March 1, 2010, (proposing to change BACT threshold for NOx form $9,700 to $24,500), 
available at http:/171.6.68.1 O/W orkshops/postings/2010/03-01-1 O/Draft%20BACT%20policy%20-
%20Mar%202010%20_2 _.pdf. 
12. See Nebraska Department of Environmental Quality BACT Guidance Document, available at 
http://www.deg.state.ne. us/Publica.nsf/ c4afc76e4e077e11862568770059b 73f/0949822f884b8ce1862573bd007 daOe 
9?0penDocument, Utah Department of Environmental Quality, Best Available Control Technology Summary, 
available at http://www.airguality.utah.gov/Permits/FORMS/FormO 1 b.pdf, and Energy and Environmental 
Analysis, Inc's Regulatory Requirements Database for Small Electricity, available at http://www.eea
inc.com/rrdb/DGRegProject/States/AL.html, and http://www.eea-inc.com/rrdb/DGRegProject/States/OK.html. 
13. These letters are set forth in Enclosure 3. Note that the cost effectiveness outlined in these letters should be 
adjusted to 2006 dollars for an accurate comparison to LDSCR at MRYS. 
14. These letters are set forth in Enclosure 4. Note that the cost effectiveness outlined in these letters should be 
adjusted to 2006 dollars for an accurate comparison to LDSCR at MRYS. 
15. See Enclosure 5. "Comparison of the Most Recent BACT/LAER Determinations for Combustion Turbines by 
State Air Pollution Control Agencies, Paper#: 42752, A WMA Meeting June 2002. Enclosure 4 also contains an 
email from the state of Florida explaining that the reported results for Florida in this survey reflect the average actual 
cost effectiveness during the relevant time period, and does not reflect Florida's view of the _cost effectiveness 
thresholds. 
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• In 2001, EPA and the States of Arkansas, Nebraska, and Utah entered into.a Consent 
Decree with NuCor that stated that pollution control projects that are demonstrated to 
cost $5,000 or less per ton reduced are presumptively economically feasible. 16 


• Wyoming Department of Environmental Quality's Permit Application Analysis for 
Mountain Cement Company's Laramie Cement Plant considered an average cost 
effectiveness of $4,540 per ton to be cost effective.17 


• A review of information in the RACT BACT LAER Clearinghouse revealed at least 
fourteen facilities in twelve states that identified NOx controls that were more expensive 
than NDDH's estimates of the cost effectiveness ofLDSCR at MRYS. 18 


• The Environmental Appeals Board noted in a 1989 decision that the range of costs 
normally expended for NOx removal was $3,000 - 6,500/ton. After adjusting for 
inflation, these costs are at least on the order ofNDDH's cost estimates for LDSCR at 
MRYS. See In the Matter of Columbia Gulf Transmission Company, PSD Appeal No. 
88-11 (EAB, Jun 21, 1989) at 825. 


If a permitting authority compares the cost effectiveness of a BACT determination today 
with the cost effectiveness of a BACT determination from past years, it must consider the effects 
of inflation to properly compare the older project to the one under consideration. 


As more fully set forth in EPA' s previous comments to NDDH, a number of national 
rulemakings, including the Clean Air Interstate Rule (CAIR), the Best Available Retrofit 
Technology (BART) Guidelines, and revisions to the New Source Performance Standards 
(NSPS) for Electric Utility Steam Generating Units all support the position that SCR is not only 
technically feasible, but also cost effective for controlling NOx emissions from North Dakota 
Lignite. 


NDDH's Draft BACT Determination concluded that "[t]he expected cost effectiveness 
[of LDSCR at MRYS] is higher than other plants where SCR has been applied as BACT;"19 The 
information set forth above clearly demonstrates that even NDDH's inflated cost estimates are 
on the same order as costs previously borne by other sources and must be considered cost 
effective. 


NDDH's Draft BACT Determination also considered the incremental costs ofLDSCR. 
The incremental cost effectiveness calculation compares the costs and emissions performance 
level of a control option to those of the next most stringent option. The incremental cost 


16. See Enclosure 6. 
17. See Enclosure 7. 
18. See Enclosure 8. 
19. See NDDH's Draft BACT Determination at p. 12. 
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effectiveness is then determined by the difference in total annual costs between two contiguous 
options divided by the difference in emissions reduction. 20 


In In re General Motors, 10 E.A.D. 360, (EAB 2002), the Environmental Appeals Board 
explained the interplay between average and incremental cost. The Board explained that "the 
Draft NSR Manual, while allowing for both average and incremental cost effectiveness analysis, 
places primary stress on the average cost measure. See Draft NSR Manual at B.31 (BACT cost 
effectiveness analysis turns on the average and, where appropriate, incremental cost 
effectiveness of the control alternative). Moreover, the Draft Manual cautions that: 


[U]ndue focus on incremental cost-effectiveness can give an impression that the cost of a 
control alternative is unreasonably high, when, in fact, the cost-effectiveness, in terms of 
dollars per total ton removed, is well within the normal range of acceptable BACT costs. 
Id. at B.46. This caution against allowing incremental cost calculations to unjustifiably 
inflate the cost component of the BACT analysis is in keeping with the objective of the 
CAA that less effective control technologies be employed only when the source-specific 
economic impacts or other costs prevent a source from using a more effective technology. 
See generally Senate Debate on S. 252 (June 8, 1977) reprinted in 3 Senate Committee on 
Environmental and Public Works, A Legislative History of the Clean Air Act 
Amendments of 1977, p. 729 (statement of Sen. Edmund Muskie, sponsor of S. 252, 
stating that BACT, while allowing for flexibility based upon source specific factors, is 
intended to "maximize the use of improved technology")." Id. at 370-378 


Although it is not clear from the Draft BACT Determination how much emphasis NDDH 
placed on the incremental cost effectiveness ofLDSCR at MRYS, it is clear that the incremental 
cost effectiveness ofLDSCR compared to SNCR is not a valid basis for rejecting SCR as BACT. 
Since the average cost effectiveness ofLDSCR at MRYS is well within the range of acceptable 
BACT costs, it would be inconsistent with the NSR Manual to place undue focus upon the 
incremental cost effectiveness of these controls to reject LDSCR as BACT. 


In its analysis, NDDH lists several projects where a permitting agency rejected a more 
stringent control option and the corresponding incremental cost effectiveness for the rejected 
technology. It is not possible to tell from the Draft BACT Determination how much weight the 
permitting agency gave, if any, to incremental cost effectiveness in the selection of the less
stringent option. As noted above, incremental cost effectiveness is not the primary criteria used 
in a BACT determination. As such, it should not be assumed that the permitting agency gave 
significant weight to incremental costs in the determinations cited by NDDH. Moreover, 
considering the relatively small amount of emphasis that can be given to incremental cost 
effectiveness, making any sort of direct comparison of the incremental cost effectiveness from 
one project to the next is difficult at best. 


20. See NSR Manual at B.43. 
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The only three projects where NDDH states that the more stringent control technology 
was rejected "based on" incremental cost are the Dry Fork Plant near Gillette, Wyoming (SCR at 
0.043 lb/MMBtu), the ADM facility in Columbus, Nebraska (SNCR achieving 0.05 lb/MMBtu), 
and Deseret Power in Uintah County, Utah (limestone injection and a wet scrubber). The other 
projects listed by NDDH simply state the incremental cost effectiveness for the rejected control 
option. NDDH does not state that incremental cost effectiveness was a significant factor in the 
determination. 


EPA examined the three BACT determinations that NDDH stated were based on 
excessive incremental costs. The Draft BACT Determination stated "[t]he State of Wyoming 
rejected an SCR operating at 0.043lb/106 Btu at the Dry Fork Plant based on an incremental cost 
of$10,300/ton."21 This statement is incorrect. As more fully set forth above, NDDH sent EPA 
excerpts of the documents that it relied upon to compare the cost effectiveness of LDSCR at 
MRYS with other facilities. One of these documents included excerpts from the WDEQ Permit 
Application Analysis for the Dry Fork coal fired power plant. EPA obtained a copy of the 
complete document. Page 7 of this document, which was not included in the excerpts from 
NDDH, directly contradicts NDDH's conclusion regarding incremental cost effectiveness, and 
states "[t]he Division considers the incremental cost effectiveness of $10,303/ton reasonable for 
an additional 117 tpy emission reduction but does not consider an incremental cost effectiveness 
of$23,744/ton reasonable for an additional 50 tpy emission reduction."22 


EPA also reviewed the details of Nebraska's BACT determination for the ADM 
facility. 23 While Nebraska states "$5600 per of additional NOx emissions reduction is 
excessive," it is clear that incremental cost was not the only reason Nebraska eliminated SNCR 
at a rate of0.05 lb/MMBtu and made a BACT determination ofSNCR at a rate of0.07 
lb/MMBtu. In fact, Nebraska's analysis states that 0.05 lb/MMBtu for SNCR is "not considered 
technically feasible due to the increased opacity and fabric filter plugging from high levels 
ammonia salt formation." Since the State of Nebraska concluded that it was not technically 
feasible for the facility to meet a 0.05 lb/MMBtu rate, NDDH cannot conclude that Nebraska 
rejected this control option based upon the incremental cost effectiveness. Nebraska also stated 
that the reasons why SNCR at 0.05 lb/MMBtu was rejected as BACT include "opacity increases 
by 10 percentage points or more, ammonia slip level increases above 10 ppm increases 
condensable PM emissions, and the increases in fine particulate matter and ammonia emissions 
make the proposed BACT limit for particulate matter unattainable." Even ifthe incremental cost 
was given significant emphasis by Nebraska, as noted above, $5,600 per ton is even less than 
what has been considered to be cost effective for average costs. Therefore, Nebraska's citation 


21. NDDH's Draft BACT Determination at p. 12. 
22. See Enclosure 9. Although it is not clear where NDDH obtained these excerpts or how it reached a conclusion 
that is directly contradicted by the plain language of the full document, we expect that NDDH may have obtained 
these excerpts from EPA's administrative record in the Deseret Bonanza matter. 
23. See Nebraska PSD Permit for ADM's Columbus, Nebraska facility, p. 148, available at 
http://www.epa.gov/region07/air/nsr/archives/2006/finalpermits/adm columbus final psd permit.pdf. 
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of $5,600 per ton being excessive for incremental cost effectiveness should be considered an 
outlier and reliance on this determination as a basis for incremental cost effectiveness is 
unwarranted. 


NDDH's reliance upon Region 8's incremental cost analysis regarding the Deseret 
Bonanza Waste Coal-Fired Unit (WCFU) is misplaced for several reasons. First, the incremental 
cost analysis that NDDH refers to relates to S02, and not NOx. Second, EPA Region 8's 
elimination of wet scrubbing with limestone injection in favor of dry scrubbing plus limestone 
injection for S02 BACT at WCFU was not entirely "based on an incremental cost of 
$10,540/ton," as stated by NDDH. EPA Region 8 noted in its Final Statement of Basis for the 
permit that, in addition to the relatively higher H2S04 formation that results from a wet scrubber, 
"[w]et FGD systems also require significantly more water than the dry FGD system. This is an 
especially important consideration for Deseret's project, which will be located in an arid region 
ofUtah."24 The issue of water use in wet versus dry scrubbing systems is generally recognized in 
S02 BACT determinations in Region 8 states. While there have been some projects that have 
proposed wet scrubbers for larger pulverized-coal units, there have also been pulverized-coal 
projects permitted with dry scrubbing as BACT controls for S02. The issue of water use is often 
cited as why dry scrubbing is selected over wet scrubbing. This is significant in that for 
pulverized-coal facilities, there is no limestone injection upstream of the control device removing 
substantial amounts of S02, as there are with circulating fluidized bed (CFB) boilers, such as that 
being permitted for the Bonanza WCFU project. Since there is no limestone injection upstream 
of a scrubbing system (wet or dry) for a pulverized-coal unit, the selection of dry scrubbing, with 
lower S02 removal efficiencies compared to wet scrubbing, becomes even more critical because 
the difference in overall tons of S02 removed would be greater for pulverized coal units 
compared to CFB units. Nonetheless, there have been BACT determinations in the West for 
pulverized coal fired units that have concluded dry scrubbing is BACT for S02. 


Dry scrubbing with limestone was the most stringent BACT control option found by 
Region 8 to have been selected by permitting agencies for CFB boilers at the time the Bonanza 
WCFU permit was issued.25 In fact, Region 8 stated in its Final Statement of Basis for the 
permit that it was "not aware of any CFB boilers equipped with a wet scrubbing system." 
However, Region 8 did find wet scrubbing to be a technically feasible control option for the 
Bonanza WCFU. Limestone injection to the CFB boiler with 85% control was assumed in the 
overall control efficiency of all add-on control options presented. 


24. See Final Statement of Basis for Deseret Power Electric Cooperative Bonanza Power Plant, p. 96, available at 
http://www.epa.gov/region8/air/pdf/FinalStatementOfBasis.pdf. 
25. See Final Statement of Basis for Permit No. PSD-OU-0002-04.00 pages 97 - 100. Permits with BACT 
determinations issued to AES Puerto Rico and Nevco Energy issued 8/10/04 and 10/12/04 respectively. Permit 
applications had also been submitted for CFB units proposing dry scrubbing (in addition to limestone injection) for 
Red Trail Energy LLC - Richardton Ethanol Plant, MDU Co. - Gascoyne Generating Station and Great Northern 
Power Development - South Heart. 
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Finally, the overall control efficiencies listed in the Final Statement of Basis for wet 
scrubbing and dry scrubbing (in combination with limestone injection) are 99.1%and98.8%, 
respectively. The difference in overall S02 reduction between wet scrubbing and dry scrubbing 
(in combination with limestone injection) was 63 tons per year. In contrast, the incremental NOx 
emission reductions between ASOF A plus SCR and ASOF A plus SNCR calculated in the 
NDDH NOx BACT Determination are 3,439 tons per year for Unit 1 and 5,490 tons per year for 
Unit 2. This equates to an incremental difference in NOx emission reductions at MRYS 
compared to the S02 emission reductions at Bonanza WCFU of 55 times more for Unit 1, 87 
times for more Unit 2, and 142 times more collectively. 


In summary, while it is true that Region 8 did cite "unacceptably high incremental S02 
removal costs" in its reasoning for selecting dry scrubbing over wet scrubbing in the Bonanza 
WCFU S02 BACT determination, it cannot be said that this decision was "based on" the 
incremental cost. As described above, there were other important considerations (most notably 
water conservation in an arid location) that went into this determination. These other 
considerations were determined by Region 8 to outweigh the additional 63 tons per year 
reduction that would be achieved by selecting a wet scrubber over a dry scrubber. It should be 
noted that Region S's final BACT determination selected the most stringent control technology 
of any CFB unit permitted at that time with a permitted level of control consistent with the most 
stringent BACT determinations. As such, the $10,540 ton per year incremental cost cited in this 
determination should not be viewed as an independent "bright line" value. As noted above, there 
are many significant differences between the Bonanza WCFU and MRYS projects. Furthermore, 
as explained below, the non-standard cost methods used in the NDDH Draft BACT 
Determination undermine the ability to make meaningful comparisons between the incremental 


. costs calculated for MRYS with other similar projects. 


II. NDDH's Draft BACT Determination Failed to Follow EPA's NSR Workshop Manual 


NDDH was and is required to conduct its BACT determination in accordance with the 
NSR Manual and OAQPS Control Cost Manual (Control Cost Manual). The Draft BACT 
Determination did not, however, follow the requirements in these manuals. Rather, it used 
unauthorized cost methods, included costs for items that are not authorized, and relied upon 
unreasonably high estimates for a number of costs. As more fully set forth below, conservative 
revised cost estimates conducted in accordance with the NSR Manual and Control Cost Manual 
and based upon more realistic estimates for a number of items cause the cost effectiveness of 
LDSCR at MRYS to drop to approximately $2,000 per ton. 


Since the significance of cost effectiveness values is determined by comparing the costs 
for a given project to costs at other sources, it is critical that permitting authorities throughout the 
United States follow a standardized approach for determining the cost effectiveness of controls. 
The NSR Manual explains: 
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Consistency in the approach to decision-making is a primary objective of the top-down 
BACT approach. In order to maintain and improve the consistency ofBACT decisions 
made on the basis of cost and economic considerations, procedures for estimating control 
equipment costs are based on EP A's OAQPS Control Cost Manual and are set forth in 
Appendix B of this document. Applicants should closely follow the procedures in the 
appendix and any deviations should be clearly presented and justified in the 
documentation of the BACT analysis.26 


The Control Cost Manual also emphasizes the importance of using a consistent approach 
to determining the cost effectiveness of controls. The Introduction to the Control Cost Manual 
explains: 


The objectives of this Manual are two-fold: (1) to provide guidance to industry and 
regulatory authorities for the development of accurate and consistent costs (capital costs, 
operating and maintenance expenses, and other costs) for air pollution control devices, 
and (2) to establish a standardized and peer reviewed costing methodology by which all 
air pollution control costing analyses can be performed.27 


A. Inflated Capital Cost Estimates and Cost Methods 


SCR systems are being successfully applied to virtually every kind of stationary source 
(utility boilers, incinerators, cement plants, glass plants, etc.) and fuel type (coal, biomass, coke, 
etc.) worldwide. In meeting these varied and significant challenges for the widespread 
deployment of SCR technology, system designers must always tailor the specifics of SCR 
application to the varied conditions at each facility and the most suitable location for installing 
the system. Although there are admittedly some unique aspects of the MRYS, almost all 
facilities that have installed SCRs have had unique design challenges. 


Capital costs for the installation of SCR on a coal fired electric generating unit are 
commonly reported on a dollar per kilowatt of capacity basis. Minnkota's BACT analysis, 
prepared by Burns & McDonnell (B&McD), which was used by NDDH to determine the cost 
effectiveness ofLDSCR, states that the estimated capital cost for LDSCR at MRYS based upon a 
shared facilities approach was $543/kW for Unit 2 and $525/kW for Unit 1.28 


26. See NSR Manual, at B-52 
27. See Control Cost Manual, 2002, Chapter 1, Section 1.1. 
28. See November 2009 report by Burns & McDonnell, "NOx Best Available Control Technology Analysis Study 
- Supplemental Report for the Milton R. Young Station Unit 1, revised February 2010, p. 4-11, and November 2009 
report by Burns & McDonnell, "NOx Best Available Control Technology Analysis Study- Supplemental Report for 
the Milton R. Young Station Unit 2, p. 4-11. 
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In its BACT analysis, B&McD stated that a cost range for conventional high-dust SCR was 
reported as between $55 and $150/kW.29 On February 16, 2006, PowerGen magazine reported 
the results of survey of SCR capital costs. The survey was conducted by the Electric Utility Cost 
Group, and included responses from 72 individual units totaling 41 GW (representing 39% of 
installed SCR systems in the U.S. by MW at the time of the study). The results of this survey 
showed that costs were generally reported to be in the $100 to $200/kW (in 2006 dollars) range 
for the majority of the systems, with only three reported installations exceeding $200/kW.30 


Although some studies have reported slightly higher costs, most have reported results that are 
generally within this range.31 Furthermore, two PSD permit applications submitted to NDDH in 
2005 and 2006 for CFB utility boilers contemplated SCRs downstream of a dry scrubber and 
baghouse (TES CR) and included estimated capital costs. 32 The estimated capital costs for these 
two projects ranged from $117/kW to $132/kW. Since these units were designed to bum North 
Dakota lignite and are very close in size to MRYS Unit 1, it is unclear why the estimated capital 
cost for MRYS Unit 1 are about four times higher than what was reported in those permit 
applications. 33


. 


The fact that B&McD estimated capital costs for the LDSCRs at MRYS are so much 
higher than the capital costs at other facilities calls the reliability of these cost estimates into 
question. The reliability of these estimates becomes more questionable in light of the fact that a 
number of extremely complicated and challenging SCR installations have had capital costs well 
below the cost estimates for LDSCR at MRYS. There are at least two cold side SCRs that have 
recently been installed in the United States that should be considered as a relatively reasonable 
comparison. In 2007, Washington Group International prepared an "Emission Reduction Study" 
that evaluated what would be the most cost effective SCR configuration at the WE Energies 
South Oak Creek Units 5, 6, 7 and 8. The report concluded that retrofitting the units with cold
side LDSCRs was determined to be the least expensive option and predicted capital costs for the 
SCR systems of$190,500,000 total for all units. This comes out to approximately $168/kW for 
the SCR equipment alone on the combined 1,135 MW at the facility. 


29. Id. 
30. See M. Marano, Estimating SCR Installation Costs, Power, January/February 2006. 
http://www.powermag.com/coal/Estimating-SCR-installation-costs _ 506.html. The reported range of $100 -
$221/kW. 
31. See Enclosure 10. J. Edward Cichanowicz, Current Capital Cost and Cost Effectiveness of Power Plant 
Emissions Control Technologies, June 2007. 
32. See Enclosure 11. August 18, 2005 Application to Permit to Construct - South Heart Power Project, page 4-16 
and June 2006 Gascoyne 500 Generating Station and Gascoyne Mine Application For A Permit To Construct And 
Air Quality Technical Analysis. 
33. Although NDDH rejected TESCR for these projects due to high cost effectiveness, these examples illustrate 
how exceptionally high the B&McD estimates are for capital costs. 
34. See Enclosure 12. WE Energies submitted information to the Public Service Commission (PUC) of Wisconsin 
indicating that the cost of its SCR system was higher than the costs identified in this study. Even ifthe costs from 
the PUC submittal are used to calculate the cost per kW, however, these costs are significantly below Minnkota's 
estimated capital costs. 
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PSE&G also retrofitted its Mercer Units 1 and 2 with cold-side SCRs. The capital cost 
for these retrofits was about $120 million.35 This comes out to approximately $185/k:W. 
Although EPA and NDDH asked Minnkota to conduct a general comparison of the capital costs 
ofinstalling SCR at MRYS with the costs ofLDSCR at these units, Minnkota declined to 
conduct this comparison. 


Minnkota has not explained the fact that the estimated capital costs for LDSCR and 
TESCR at MRYS are so much higher than any other SCR system built, including the LDSCR 
systems for Oak Creek and Mercer Stations. B&McD implies that the unique nature of the 
application of SCR at MRYS creates a situation where seemingly no comparison to another SCR 
installation is appropriate. As noted above, even if an SCR installation at MRYS would provide 
unique challenges because of the different fuel or boiler type, this would not result in capital 
costs that are over one and a halftimes as high as the upper end of SCR installations with the 
highest degree of retrofit difficulty. The differences for the basic capital cost equipment at 
MRYS would not be expected to differ from other SCR installations on the scale estimated by 
B&McD and no reasonable explanation has been provided by Minnkota for the large disparity. 
As such, close examination of the stated costs must be conducted by NDDH to justify the cost
effectiveness in its BACT determination. 


EPA has examined these costs based on the information available during the public 
notice period and believes that the B&McD analysis that NDDH relied upon included redundant 
costs, insufficient justification for some of the cost estimates, and many components in the cost 
methodology used to calculate Total Capital Investment that are unauthorized, inappropriate, and 
inconsistent with the Control Cost Manual or other EPA-approved methods. When these items 
are taken into account, it is clear that the cost values submitted by Minnkota and adopted into the 
Draft BACT Determination result in a calculation of cost effectiveness that is grossly inflated 
and ill-suited for comparisons with other BACT determinations. 


First, as explained in detail in Mr. Hans Hartenstein's April 2010 expert report36
, many of 


the assumptions and design parameters that B&McD specified to SCR system and catalyst 
vendors resulted in excessive equipment components and sizing of the SCR system and the 
auxiliary/ balance of plant components, which drove up materials and labor costs. If the system 
was designed to minimize capital costs, the general design would be different and the cost of 
materials and labor would be much less. Furthermore, there appears to be redundancy for some 
items that were included as "SCR System Equipment" and "Auxiliaries/Balance of Plant" costs. 


35. See PSG&E press release at: http://www.pseg.com/media center/pressreleases/articles/2006/2006-11-30.jsp. 
EPA verified the capital costs with communications with the New Jersey Department of Environmental Protection 
and Mr. Hans Hartenstein. 
36. See Enclosure 13. Portions of this enclosure are subject to a confidential business information claim and will be 
submitted separately and noted as CBI. 
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For example, the "Auxiliaries/Balance of Plant" costs include "SCR bypass ducts and isolation 
dampers." The SCR system vendor that provided a pricing proposal, which appears to have been 
directly used by B&McD for the "SCR System Equipment" cost, included an SCR system with 
"gas bypass for maintenance." Although vendor information can be used instead of the capital 
cost equations detailed in the Control Cost Manual, Minnkota has not provided a basis for the 
"Auxiliaries/Balance of Plant" costs, which are 80% of the "SCR System Equipment" costs. 
Perry's Chemical Engineering Handbook, 6th Edition (Table B2) uses factors related to total 
equipment costs which would be similar to the "SCR System Equipment" used in the B&McD 
analysis. Perry's adds 55% to equipment costs for auxiliaries compared to B&McD's 80%. The 
redundancies and comparatively high costs used for "Auxiliaries/Balance of Plant" that NDDH 
relied upon in the Draft BACT Determination are unreasonable and not supported by the record 
without further justification. 


Another major concern is the degree to which the B&McD capital cost analysis deviates 
from the Control Cost Manual methodology and includes numerous indirect cost and other 
accounting mechanisms that are not included in the Control Cost Manual and not adequately 
justified. Minnkota's February 11, 2010 submittal claims that, "Bums & McDonnell used 
standard estimating practices to estimate direct, installation, and indirect capital costs for MR YS 
Unit 1 'sand Unit 2's hypothetical application oflow-dust and tail end technologies." While 
these estimating practices may be standard for use by B&McD or the utility industry for internal 
justification or other accounting purposes, they are not appropriate for use in the context of the 
BACT analysis. The standard approach is outlined in the Control Cost Manual, so that 
comparisons of cost-effectiveness can be made with other projects nationally. B&McD's 
approach undermines the ability to make these comparisons. 37 


For example, B&McD calculated total indirect capital costs that equal about 50% of the 
total direct capital cost compared to the Control Cost Manual which uses 20%. Of this 50%, 
approximately 15% is listed as a "scope contingency" and another 15% is listed as a "pricing 
contingency." The Control Cost Manual includes two contingencies for SCRs. The first is a 
"process contingency" that is calculated as 5% of the direct capital costs. The second is a 15% 
"project contingency" and is not considered to be part of the indirect capital costs. B&McD 
indicates that its "pricing contingency" is equivalent to the "project contingency" in the Control 
Cost Manual. B&McD' s "pricing contingency" will actually be somewhat lower than the 
Control Cost Manual's "project contingency" because, unlike the "project contingency" of the 
Control Cost Manual, the 15% is not applied to the indirect capital costs. The "project 
contingency" of the Control Cost Manual is calculated as 15% of the total direct plus indirect 


37 Enclosure 14 is an example of a cost analysis submitted to NDDH as part of a BART submittal that does not 
include many of the indirect capital costs and contingencies included in B&McD's analysis. Although EPA may not 
be in agreement with every aspect of the cost analysis in the example, it does illustrate a case where the Control Cost 
Manual format is generally followed and the estimated capital costs are far less (by a factor of almost 4 for LDSCR 
on Unit 2, which is a smaller unit in comparison to the example and should cost less) than what was estimated for 
MRYS. 
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capital costs. However, B&McD's "scope contingency" of 15% is significantly higher than the 
Control Cost Manual's 5% "process contingency." Assuming, as B&McD did, that the "project 
contingency" is part of the indirect capital costs, it would equal 18% of the direct capital costs 
and the total indirect capital costs for the Control Cost Manual would equal 38% of the direct 
capital cost compared to 50% of the capital costs in the B&McD.38 There are other discrepancies 
between B&McD's indirect costs and those in the Control Cost Manual. These differences are 
tabulated below. 


Table 1. Com arison of Control Cost Manual & B&McD Indirect Ca ital Costs39 


Indirect Capital Costs 


General Facilities 
(Construction Mgt) 
Engineering & Home 
Office Fees 
Startup Expenses 
Process Contingency 
(Scope Contingency) 
Project Contingency 
(Pricing 


Control Cost Manual B&McD Analysis Comparison 
% of Direct Ca Cost "A" (%of Direct Ca Cost "A" 


0.05X A 0.04XA B&McD 1 % Lower 


O.lOX A 0.15XA B&McD 5% Higher 


0 0.02XA B&McD 2% Higher 


0.05XA 0.15XA B&McD 10% Higher 


0.18X A 0.15XA B&McD 3% Lower 


While this difference of 13% is significant, B&McD then adds two more contingencies 
("cost escalation during project" and "owner's costs - other") and includes an allowance for 
funds during construction (interest) before calculating the total capital investment. The Control 
Cost Manual allows for "preproduction costs" of 2% of the total direct, indirect capital costs, and 
the "project contingency." Table 2 below compares these "other" costs used by B&McD and the 
preproduction costs in the Control Cost Manual. To normalize these costs with those tabulated 
above, percentages were converted back to the direct capital costs ("A").40 


38. Per the Control Cost Manual, indirect capital costs= 0.2 times the direct capital costs. So, 15% of the total of 
direct capital costs plus indirect capital costs= (1.2 *direct capital costs) (0.15) = 18% of direct capital costs. 
39. Although, B&McD stated in their December 11, 2010 submittal that their BACT cost estimates "follow the 
outline of Table 2.5 in the SCR Chapter ofEPA's Control Cost Manual," many items do not match in description, so 
some assumptions had to be made. Where there are differences, the B&McD cost is in parentheses. Also, as noted 
above, this comparison assumes that "project contingency" of 15% is part of the indirect costs, so when applied 
exclusively to the direct capital costs only, it becomes 18%. 
40. Preproduction costs are listed as being 2% of the total direct (A), indirect (B), and "project contingency" (C) 
costs. This becomes 3% of the total direct capital costs. (B = 0.20 *A; C = 0.18 *A; A+ B + C = 1.38 A; 0.02 * 
1.38 A= 0.03). 
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Table 2. Com arison of EPA Control Cost Manual & B&McD "Other" Ca ital Costs 


Other Costs 


Cost Escalation 
Allowance for Funds 
During Construction 
(Interest During 
Construction) 
Preproduction Costs 
Owners Cost - Other 
(Owner Contingency) 


% of Direct Ca Cost "A" % of Direct Ca Cost "A" 
Comparison Control Cost Manual B&McD Analysis 


0 0.30XA B&McD 30% Higher 


0 0.20XA B&McD 20% Higher 


0.03A 0 B&McD 3% Lower 


0 O.l7XA B&McD 17% Higher 


Based on Tables 1 & 2 above, the B&McD cost analysis methodology results in capital 
costs that are higher by a factor of about 1.8 (0.13 + 0.64 higher) than what would be calculated 
using the Control Cost Manual, assuming the same base costs for total direct capital costs. As 
noted above, the total direct capital costs used by B&McD appears to be overestimated. A large 
portion of this discrepancy comes from the "other" costs added by B&McD (Table 2) that are not 
included in the Control Cost Manual. These appear to be strictly contingencies and accounting 
items which would not be at all unique to MYRS and, therefore, are not justified in the analysis. 
These accounting items are unauthorized under the Control Cost Manual, create an unlevel 
playing field for comparison with other BACT analyses and alone account for an increase in 
.capital costs from the Control Cost Manual by a factor of 1.6. 


Although NDDH asked B&McD to provide a detailed explanation regarding its high 
indirect capital cost estimates, B&McD's February 11, 2010, response to this request fails to 
justify why the B&McD cost methodology should be allowed for the MRYS BACT analysis, 
when it is not part of the Control Cost Manual and is not the standardized methodology used by 
other sources. While the Control Cost Manual does contemplate some flexibility in some 
contingencies (such as degree of retrofit difficulty), B&McD has not substantiated the need to go 
beyond standard contingencies applied through the Control Cost Manual. As stated in the 
Control Cost Manual, "[ c ]ontingencies is a catch-all category that covers unforeseen costs that 
may arise, such as possible redesign and modification of equipment, escalation increases in cost 
of equipment, increase in field labor costs, and delays encountered in start-up."41 Thus, the 
contingency in the Control Cost Manual should already account for possible changes in labor 
costs, and inclusion of a contingency plus escalation of costs is redundant according to the Cost 
Manual Methodology. Escalation of costs should not be included as a separate estimate in the 
estimate of Total Capital Investment since it is included as part of the contingency estimate. In 
Table 2.5 of the SCR chapter of the Control Cost Manual, the "Allowance for Funds During 


41. See Control Cost Manual, 2002, Chapter 2, Section 2.3.1. 
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Construction" (inflation) is specifically listed as zero. It is unclear then why B&McD added 
what amounts to 20% of the direct capital costs to cover inflation. Including "owner's costs" and 
"owner's contingency" is also not consistent with the Cost Manual Methodology and appears to 
be redundant. 


B&McD mentions that it is anticipated that significant retrofit work will be required 
which will affect the scope and price of the project. However, there have been many SCR 
retrofits facing much more difficult challenges with space limitations and boiler modifications 
than MRYS can be expected to face installing a LDSCR or TESCR downstream of the ESP (or 
FGD) in a rural location. The contingencies outlined in the Control Cost Manual (5% process 
contingency and 15% project contingency) are sufficient for purposes of the BACT analysis. 


B. Inflated Annual Cost Estimations & Cost Methods 


In addition to the inflated capital cost estimates and inappropriate cost methods used by 
B&McD in the MRYS ·BACT analysis that NDDH relied upon, B&McD also used inflated and 
unjustified cost estimates for annual costs and used costing methods that are unauthorized by the 
Control Cost Manual. Below are some of the issues identified by EPA. These are listed 
following the numbering scheme in the detailed itemized B&McD BACT cost analysis submitted 
December 11, 2009 and updated February 11, 2010. 


(1) Annual Maintenance Costs: 


B&McD uses a factor of 3% of the installed capital costs of the SCR equipment and 
auxiliary equipment. The Control Cost Manual uses a factor of 1.5% of total capital 
investment. No justification was given by B&McD for using a cost factor that is twice as 
high. 


(2) Annual Reagent Costs: 


As stated in NDDH's January 11, 2010, letter to Minnkota and in Mr. Hartenstein's 
expert report, the choice to use urea instead of anhydrous ammonia drives up annual 
costs. As also stated in Mr. Hartenstein's expert report, the reasons given by B&McD in 
the February 11, 2010, response to NDDH are not unique to MRYS and do not constitute 
justification for choosing the more expensive reagent. Since excessive cost is the main 
reason cited by NDDH for not selecting the top level of control as BACT and there is a 
less expensive option that is available, the analysis should be redone using anhydrous 
ammo ma. 
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In its February 11, 2010, response to NDDH, B&McD provided an explanation of the 
electricity costs associated with extended outage periods for catalyst replacements and 
ASOFA maintenance.42 In its analysis, B&McD estimates the following times for 
various stages of catalyst replacement: 


1) Reactor Cool Down: 
2) Installation into spare catalyst layer: 
3) Removal of spent catalyst 


and installation of fresh catalyst: 
4) Reactor heating for startup: 
Total (Items 1, 2 & 4): 


48-60 hours 
128 hours (16 shifts - one time event) 


192 hours (24 shifts) 
36-48 hours 
276-300 hours 


Conservatively assuming that one spent catalyst is always removed when a fresh catalyst 
is added and disregarding the unreasonable assumption that only two shifts per day would 
be used to perform the work while the unit remains idle, the range of total outage time 
estimated by B&McD to cool down the reactor, exchange catalyst, and reheat the reactor 
is 276- 300 hours, or 11.5 - 12.5 days. This does not include the 96 hours (or four days) 
of regular scheduled boiler cleaning downtime that should be subtracted from these 
totals. When this is accounted for, there would be a maximum of 204 hours for each 
catalyst exchange in excess of normal downtime for each unit. 


Even under B&McD's unwarranted "Scenario B" assumption that catalyst is replaced 
three times per year for Unit 1 and four times per year for Unit 2, this equates to a 
maximum of900 hours per year of catalyst replacement time for Unit 1and1,200 hours 
per year for Unit 2. This does not include the 96 hours (or four days) of regular 
downtime that should be subtracted from these totals for each outage period. When this 
is accounted for, there would be a maximum of 612 (900 - 288) hours per year for 
Unit 1and816 (1,200- 384) hours per year for Unit 2 under B&McD's worst case 
scenario. 


B&McD states that the excess downtime for SCR catalyst replacements under "Scenario 
A" would be 213 and 256 hours for Unit 1 TESCR and LDSCR respectively, and 206 and 
24 7 hours for Unit 2 TESCR and LDSCR respectively. It is unclear how B&McD came 
up with these values considering they are higher than the high end total of what was 
outlined for each stage of the catalyst replacement once subtraction was made for normal 
boiler cleaning (maximum of204 hours). 


42. The NSR Workshop Manual states: "Lost production costs are not included in the cost estimate for a new or 
modified source." Appendix B, p.11. For the purpose of this analysis, EPA is assuming lost production is included 
in the cost estimate. · 


-18-







EPA Comments on NDDH Preliminary 
NOx BACT Determination for MRYS 


Furthermore, B&McD states that the excess downtime for SCR catalyst replacements 
under "Scenario B" would be 980 and 938 hours for Unit 1 LDSCR and TESCR 
respectively, and 1,234 hours for Unit 2 (LDSCR and TESCR). Again, it is unclear how 
B&McD came up with these values considering they are higher than the high end total of 
what was outlined for each stage of the catalyst replacement, even if no time of the 
outage was subtracted for normal boiler cleaning (900 hours for Unit 1 and 1,200 hours 
for Unit 2). When the subtraction for normal boiler cleaning is made, there is an even 
larger discrepancy between B&McD's estimations and what was outlined for each stage 
of the catalyst replacement (612 hours for Unit 1and816 hours for Unit 2). 


While B&McD' s additional outage times do not appear to correspond to the sum of the 
catalyst replacement steps outlined in their February 11, 2010, submittal, they also do not 
appear to reflect the information they received from SCR system and catalyst vendors 
and their consultants. The information received from these sources is addressed below. 


Reactor Cool Down: Based on a September 29, 2010, email from Babcock & Wilcox 
Construction Co. Inc., Minnkota was advised that "we typically see 36 to 48 hrs before 
entering the SCR." It is unclear why B&McD used 48-60 hours (although, as noted 
above, even using the high end of their range, the additional outage times stated by 
B&McD seem to exceed what would be calculated.) EPA believes 48 hours for reactor 
cool down would be a conservative estimate. 


Catalyst Exchange: According to a September 15, 2009, email, B&McD's consultant 
Fuel Tech's, "'rule of thumb' estimate for catalyst installation is thirty (30) minutes per 
module." This is based on conventional access, use of hoists for module handling and 
transport, and a typical crew of 4 to 6 people. With different system design and more 
personnel, the time period can certainly be reduced." 


As stated in Mr. Hartenstein's expert report, "[b]ased on the catalyst designs from HTI 
and CERAM submitted to Minnkota, the number of modules per layer ranges from 96 -
104 for Unit 1 and 162- 182 for Unit 2. Using the stated conservative 'rule of thumb' 
estimate of thirty minutes per module, this equates to maximum time of2.2 days for Unit 
1 and 3.8 days for Unit 2 to replace a layer of catalyst. As stated by Fuel Tech, this 'rule 
of thumb' estimate could be further reduced through design and personnel." This equals 
a maximum of 52 hours for Unit 1 and 91 hours for Unit 2. 


Based on B&McD's February 11, 2010, submittal the difference in time between 
removing spent catalyst (16 shifts) and the removal of spent catalyst and installing fresh 
catalyst (24 shifts) is 64 hours. 
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So, the maximum total time for removing a layer of spent catalyst and installing 
fresh catalyst is as follows: 


Unit 1: 64 hours+ 52hours=116 hours 
Unit 2: 64 hours + 91 hours = 155 hours 


These are both lower than the time described in the February 11, 2010, response for 
removing spent catalyst and installing fresh catalyst (192 hours) Again, even using the 
apparently inflated value of 192 hours, the additional outage times stated by B&McD 
seem to exceed what would be calculated using these values. 


Reactor Preheating for Startup: B&McD has stated this will take 36-48 hours. Based on 
the very conservative nature of their other estimates and the comments in 
M:r:. Hartenstein's expert report on this subject, EPA believes 36 hours for reactor 
preheating would be a conservative estimate. 


Using the information supplied to B&McD and Minnkota from SCR system and catalyst 
vendors, and B&McD's consultants, EPA calculates that a conservative total estimate of 
excess downtime (subtracting the four days for normal cleaning downtime) from bringing 
the unit down, to replacing spent catalyst with fresh catalyst, to bringing the SCR back 
online for one layer of catalyst exchange is as follows: 


Table 3. EPA Estimates for Catal st Exchan e Times 


Replacement Step 


Reactor Cool Down 
Spent Catalyst Removal and 
Installing Fresh Layer 
Reactor Preheating for Startup 
Subtract Scheduled Downtime 
EPA Total Estimate 


Time Unit 1 Time Unit 2 
(hours) (hours) 


48 48 


116 155 


36 36 
-96 -96 
104 143 


As can be seen from Table 3 above, B&McD's estimates for catalyst exchange times are 
over twice as high for Unit 1 and over 50% higher for Unit 2 when compared to EPA's 
estimates (which were based directly on the information provided to Minnkota and 
B&McD by vendors and consultants). 


Furthermore, B&McD added an additional 181-188 hours per year to the annual 
electricity costs for extra downtime due to advanced separated overfire air (ASOF A) 


-20-







EPA Comments on NDDH Preliminary 
NOx BACT Determination for MRYS 


maintenance. Even assuming these values are realistic and necessary, which should be 
justified by Minnkota, since the more realistic EPA estimates for catalyst exchanges for 
both Unit 1 and Unit 2 are less than the stated ASOF A maintenance times, it should be 
assumed that the SCR maintenance would be performed at least partially within the same 
time allotted for ASOF A-related maintenance. B&McD gives no explanation as to why 
the outage times for ASOF A and SCR are cumulative and the work could not be 
scheduled and conducted concurrently. One possible reason would be if there were short 
interruptions required for ASOF A maintenance that did not correspond with the normal 
unit cleanings. This seems unlikely (especially for 181 - 188 hours per year) and 
B&McD has not indicated that this would be the case normally. Appendix C3 of the 
original 2006 NOx BACT Analysis provides the only basis that EPA can find for 
including any ASOF A downtime. Page C3-3 describes lost availability due to "forced or 
extended scheduled boiler outages that may result from problematic cyclone slag tapping 
operational conditions encountered during substoichiometric cyclone operation with 
SOP A." These times should be justified, as well as the need to conduct this maintenance 
at a different time from the normal boiler cleanings and/or the SCR catalyst replacements. 
If it is found that ASOF A maintenance times can fall within the same normal boiler 
cleaning outages, B&McD's cost estimate must subtract all electricity costs attributed to 
extended outage times for catalyst replacements accordingly. 


Finally, it appears that for "Scenario A", B&McD did not take into account that the 
catalyst exchanges will not be occurring each year. Since they will be occurring 
approximately every other year, these costs need to be adjusted to an annual basis. 


(4) Annual Water Costs: 


No comments. 


(5) Catalyst Replacement Costs: 


Based on Note 5 in the detailed itemized B&McD BACT cost analysis submitted 
December 11, 2010, and updated February 11, 2010, B&McD assumed a catalyst price of 
$7 ,500 per cubic meter (in 2006 dollars) in calculating annual catalyst replacement costs. 
This assumption appears to be significantly higher than either of the bids the two catalyst 
vendors provided to Minnkota. Furthermore, this value is also substantially higher than 
two of the three vendor bids received by Mr. Hartenstein's in response to his vendor 
inquiry. It is unclear why B&McD used a unit catalyst price higher than any vendor bid 
they received for their BACT analysis. While a higher unit price may be justifiable for 
TESCR compared to LDSCR, it appears from Note 5 that B&McD used the same price 
for LDSCR and TESCR. Sufficient detail is not provided on how adjustments were made 
for the different volumes required for each catalyst replacement in a LDSCR and TESCR 
application. 


-21-







EPA Comments on NDDH Preliminary 
NOx BACT Determination for MRYS 


Furthermore, B&McD did not seem to consider the use of regenerated catalyst in pricing 
catalyst replacements. Catalyst regeneration has been in practice in the utility industry 
for years to help save SCR maintenance costs and typically costs less than half of what 
new catalyst would cost. If there is some reason Minnkota cannot use regenerated 
catalyst at MRYS, this should be justified. 


(6) Natural Gas for Flue Gas Reheating & Urea Conversion System: 


As noted above and in Mr. Hartenstein's expert report, EPA questions whether natural 
gas needs to be used instead of steam to reheat flue gas and whether urea needs to be used 
instead of anhydrous ammonia at MRYS. See Mr. Hartenstein's expert report for more 
information. 


(7) Operating Labor for SCR: 


EPA agrees that no operating labor (or supervisory labor) should be included, consistent 
with the Control Cost Manual. 


(8) Annual Costs for Capital Recovery: 


Based on greatly inflated capital costs (addressed extensively above), the annual capital 
recovery cost is likewise greatly inflated. 


(9) Administrative Overhead, Insurance, Taxes, etc.: 


No comments. 


In addition to the above comments, the levelized total annualized cost approach used by 
B&McD is inappropriate, as it is inconsistent with the Control Cost Manual. Based on Note 15 
in the detailed itemized B&McD BACT cost analysis submitted December 11, 2010, and 
updated February 11, 2010, B&McD increased the total direct annual costs (all annual costs with 
the exception of capital recovery) by a factor of 1.25. While these estimating practices may be 
standard for use by B&McD or the utility industry for internal justification or other accounting 
purposes, they are not appropriate for use in the context of the BACT analysis. The standard 
approach is outlined in the Control Cost Manual, so that comparisons of cost-effectiveness can 
be made with other projects nationally. B&McD's approach undermines the ability to make 
these comparisons. 


The Control Cost Manual methodology provides estimates of operation and maintenance 
that do not change with interest rate and equipment life. The equivalent uniform annual cost 
estimates from the Control Cost Manual are equal across the life of the equipment. Changing the 
interest rate and equipment life will change the annualized capital cost estimate, but should not 
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change the annual operation and maintenance costs. The Control Cost Manual procedure 
provides real estimates of costs (that is, inflation-adjusted), and not nominal costs. 


C. EPA Corrected Cost Analysis 


Due to the inflated nature ofB&McD's cost estimates, EPA conducted an independent 
cost analysis for LDSCR and TESCR at MRYS. This analysis consisted of two parts. The first 
was to request budgetary proposals from several catalyst vendors on catalyst performance 
guarantees (NOx removal, initial catalyst life, and ammonia slip), catalyst volume and 
dimensions, catalyst exchange diagrams up to approximately 100,000 hours, and catalyst price. 
The Request for Proposal (RFP) was based on what EPA believes to be representative flue gas 
characteristics and design specifications for a LDSCR on Unit 1 and a TESCR on Unit 2. 
Mr. Hartenstein was hired by the Department of Justice to perform this work on behalf of EPA. 


The RFP was sent to three catalyst vendors (CERAM, Johnson Matthey Catalysts (JMC), 
and Haldor Topsoe) on March 3, 2010. While the facility in the RFP was not identified as 
MRYS, the flue gas characteristics in the RFP were based on relevant actual flue gas parameters 
found at MRYS, including recent stack test information for Unit 1 and Unit 2 and the 1983 
Markowski data on particulate matter concentrations and compositions data for Unit 2. 
Furthermore, it was clearly stated in the RFP that the majority of the sulfates within the 
particulate matter are expected to be sodium and potassium sulfates. Upon request from two 
catalyst vendors (CERAM and JMC), a typical coal composition of Center lignite was provided. 
Responses from all three vendors were received between March 12 and March 31, 2010. As 
noted in Mr. Hartenstein's expert report, all three catalyst vendors were able to provide an initial 
catalyst life guarantee of24,000 operating hours in response to the RFP, as well as providing 
catalyst size and price specifications at the guaranteed NOx and ammonia slip rates. More detail 
is provided in Mr. Hartenstein's expert report. The RFP and the vendor responses are also 
attached. 43 


The second part of the EPA's independent cost analysis was to calculate SCR cost 
effectiveness (dollars per ton) based on the Control Cost Manual or other appropriate methods 
using the relevant cost information obtained from the vendor survey conducted by 
Mr. Hartenstein in combination with appropriate information in the B&McD cost analysis. For 
this effort, EPA hired ERG as consultants. 


43. See Enclosure 15. Request for Proposal and Vendor Responses. Portions of this enclosure are subject to a 
confidential business information claim and will be submitted separately and noted as CBI. 
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ERG first evaluated the cost factors and methodology used by Minnkota and made a 
comparison with the cost factors and methodology used in the Control Cost Manual. To cross 
check the Control Cost Manual results, ERG also compared cost factors and methodology used 
by Minnkota to those used in Perry's Chemical Engineering Handbook 61


h Edition (Perry's). To 
make these comparisons, ERG used the capital and annual cost tables for shared facilities in 
Minnkota's December 11, 2009, submittal. For the capital costs, ERG back-calculated the cost 
factors B&McD used to escalate SCR equipment costs to a final capital cost number. This 
calculation showed that for the B&McD analysis: 


• The cost for auxiliaries/balance of plant is approximately 80% of the SCR costs. 
• Capital constructions costs are approximately 50% of capital equipment costs 


(SCR plus auxiliaries). 
• Indirect capital costs are approximately 50% of total capital costs. 
• B&McD added another 4 7% to the capital plus indirect total to account for cost 


escalation, interest, and owner's costs. 


ERG then compared these cost factors with percentages used in the Control Cost Manual, 
as well as Perry's. The comparison of total capital costs calculated by B&McD and the Control 
Cost Manual is described in detail above under the capital cost analysis. Perry's uses costs 
factors that are applied to total equipment costs. These total equipment costs would be 
considered equivalent to the SCR system cost used by B&McD's methodology. Comparing the 
B&McD and Perry's cost factors shows: 


• Perry's adds 55% to equipment costs for auxiliaries compared to B&McD's value 
of approximately 80%. 


• Total direct costs in Perry's are 2.3 times the SCR system costs while the 
B&McD total direct costs are about 2. 7 times the SCR costs. 


• For the indirect line items included in B&McD's cost table, Perry's adds 56% to 
the direct costs which is similar to Minnkota's value of approximately 50%. 


• Perry's does not include the factors B&McD added to the capital plus indirect to 
account for cost escalation, interest, and owner's costs. 


Because B&McD's cost factors are higher than both the Control Cost Manual and Perry's 
factors, EPA calculated two additional capital cost cases for comparison. Both cases used the 
same format as in B&McD's estimate, but used the Control Cost Manual and Perry's cost 
factors, where available. ERG used the 2009 B&McD's SCR costs which were back-calculated 
from the 2018 costs provided by Minnkota.44 As can be seen from Table 4 and Figure 1, the 
capital costs estimated by B&McD for Minnkota are much higher than both the Control Cost 
Manual and Perry's. The Control Cost Manual and Perry's methods compare favorably. 


44. EPA strongly disagrees with B&McD assumption that the SCR in this matter will not be installed until 2018. 
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Table 4. Capital Cost Comparison 
Capital Costs (2009, 1,000$) LowDustUl LowDustU2 
Minnkota $146,753 $254,175 
OAQPS $91,114 $162,999 
Perry's $87,613 $147,699 


Capital Costs (2009; 1,000$) 


LowDustU1 Low Dust U2 Tail End U1 
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Tail End Ul 
$192,830 


$120,629 
$108,416 


Tail End U2 


Tail End U2 
$329,150 


$212,529 
$196,954 


lllMinnkota 


lllOAQPS 


DPerry's 


Figure 1: Comparison of Capital Costs Using Different Cost Methods 


ERG then performed a new cost analysis that calculated capital and annual costs using 
the Control Cost Manual methodology and factors where applicable along with B&McD's 
original SCR equipment costs and other cost data that could not be independently verified by 
EPA within the time allowed (auxiliaries/balance of plant, construction costs, natural gas 
pipeline, reagent costs, natural gas costs), supplemented with other cost data and assumptions 
provided by EPA. While EPA could not independently verify many of these costs, they were 
included to produce an estimate that may overestimate actual costs, but is conservative in a 
manner favorable to Minnkota. EPA provided ERG with different information regarding catalyst 
volume, catalyst cost, catalyst replacement frequency, and estimated additional outage time for 
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replacing spent catalyst. A conservative value for catalyst cost of $6,000 per cubic meter was 
used. As noted above, this cost could be significantly reduced if regenerated catalyst was used. 
Contingencies were calculated using the Control Cost Manual assumptions. The maintenance 
costs were adjusted using the cost factor in the Control Cost Manual and annual costs were not 
"levelized" as done in the B&McD analysis. 


ERG used the above information and calculated annual costs. ERG calculated four 
different catalyst replacement scenarios. Scenarios 1 through 3 assume catalyst replacement of 
one layer per year, one layer every two years, and one layer every three years. EPA believes 
Scenario 3 is the most appropriate, as it reflects the performance guarantees provided by three 
catalyst vendors in response to Mr. Hartenstein's RFP and the proposals provided to Minnkota 
by one vendor. No calculations were made for the "Scenario B" assumptions used by B&McD 
because, as EPA has stated previously and is well-documented in Mr. Hartenstein's expert 
report, these assumptions are unsubstantiated and arbitrary. ERG's Scenarios 1-3 do not include 
downtime for ASOF A because this has not been justified by Minnkota. Scenario 4 was run as 
the "worst-case" scenario and assumes all of the additional outage time is based on the additional 
outage times estimated for ASOF A provided by B&McD. There would be no additional unit 
outage time (and associated electricity costs) for catalyst replacement, because all of this work 
could be completed within the time allocated for ASOF A maintenance. As noted above, EPA 
does not necessarily concur that these additional outage times for ASOF A are legitimate and 
believes they should be justified by Minnkota. ERG modified the amount of time required for 
each catalyst layer replacement from B&McD's assumptions, recalculated the unit availability 
using the revised downtime, and recalculated electricity costs and corresponding NOx emissions 
using the new availability. Table 5 shows the costs for each scenario. The annual costs in this 
table include the annual costs ass9ciated with capital recovery. 


Table 5. Annual Cost Comparison 
Annual Costs (2009, 1,000$) LowDustUl LowDustU2 Tail End Ul Tail End U2 
Minnkota - Scenario A $36,923 $63,162 $43,290 $73,245 
Minnkota - Scenario B $49,829 $95,310 $56,098 $106,022 
OAQPS - Scenario 1 $19,753 $34,114 $23,016 $39,345 
OAQPS - Scenario 2 $18,714 $30,837 $21,768 $36,464 
OAQPS - Scenario 3 $18,081 $30,524 $21,660 $36,287 
OAQPS - Scenario 4 $20,449 $33,370 $23,708 $38,598 
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LowDustU1 LowDustU2 Tail End U1 
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Tail End U2 


Ill Minnkota - Scenario A 
Ill Minnkota - Scenario B 
D OAQPS - Scenario 1 
D OAQPS - Scenario 2 
Ill OAQPS - Scenario 3 
1111 OAQPS - Scenario 4 


Figure 2: Comparison of Annual Costs Using Different Cost Methods 


Table 6 shows the costs in dollars per ton of NOx removed in both 2009 and 2006 
dollars. North Dakota averaged B&McD's Scenario A and Bin their summary, which is also 
shown on the table. As can be seen from the table, when the Control Cost Manual cost factors 
are used in conjunction with baseline cost information provided by B&McD, supplemented with 
more reasonable cost data and assumptions on certain cost data, the cost-effectiveness is less 
than half of the "average" value of the two B&McD scenarios used by NDDH, even under the 
assumption that a layer of catalyst is replaced is every year (Control Cost Manual Scenario 1). 
This assumption is three times higher than the catalyst exchange rate that was provided in 
proposals from one catalyst vendor to Minnkota and performance guarantees provided to 
Mr. Hartenstein from three catalyst vendors. ERG's analysis is attached.45 


45. See Enclosure 16. 
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Annual Costs 
Minnkota - Scenario A 
Minnkota - Scenario B 
North Dakota 
OAQPS - Scenario 1 
OAQPS - Scenario 2 
OAQPS - Scenario 3 
OAQPS - Scenario 4 


Minnkota - Scenario A 
Minnkota - Scenario B 
North Dakota 
OAQPS - Scenario 1 
OAQPS - Scenario 2 
OAQPS - Scenario 3 
OAQPS - Scenario 4 


LowDustU1 
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Table 6. Cost Comparison Dollar per Ton Removed 
2009 Dollars (1,000$) 


LowDustUl LowDustU2 


$3,950 $4,250 
$5,300 $6,362 
$4,625 $5,306 
$2,120 $2,301 
$2,010 $2,081 
$1,942 $2,061 
$2,194 $2,188 


2006 Dollars (1,000$) 
$3,586 $3,859 
$4,813 $5,777 
$4,200 $4,818 
$1,925 $2,089 
$1,825 $1,890 
$1,764 $1,872 
$1,992 $1,987 


Costs ($/ton removed) 


Tail End Ul Tail End U2 
$4,632 $4,930 
$5,969 $7,078 
$5,301 $6,004 
$2,464 $2,654 
$2,332 $2,461 
$2,321 $2,451 
$2,537 $2,531 


$4,206 $4,476 
$5,420 $6,426 
$4,813 $5,451 
$2,238 $2,410 
$2,117 $2,235 
$2,108 $2,225 
$2,304 $2,298 


II Minnkota - Scenario A 


II Minnkota - Scenario B 


D OAQPS - Scenario 1 


D OAQPS - Scenario 2 


II OAQPS - Scenario 3 


Ill OAQPS - Scenario 4 


Low Dust U2 Tail End U1 Tail End U2 


Figure 2: Comparison of Cost-Effectiveness Using Different Cost Methods 
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EPA requests that NDDH reconsider its preliminary BACT determination and find that 
SCR represents BACT controls at MRYS. Since SCR has been successfully applied worldwide 
to such a wide variety of sources, there is a presumption that it is both technically and 
economically feasible at MRYS. Minnkota failed to produce sufficient evidence to overcome 
this presumption. Although NDDH identified some adverse energy and environmental impacts 
associated with the use of SCR, it correctly concluded that these impacts would not preclude the 
selection of SCR as BACT. 


As more fully set forth above, Minnkota's cost estimates were not conducted in 
accordance with the NSR Manual and the Control Cost Manual, and resulted in grossly 
overestimated SCR costs. NDDH relied upon Minnkota's faulty cost estimates to conclude that 
the cost effectiveness ofLDSCR at MRYS was $4,201 per ton for Unit 1 and $4,822 per ton for 
Unit 2. Even these inflated and unreasonable cost estimates must result in a conclusion that 
LDSCR is cost effective at MRYS. It is clear that many other sources have borne costs that are 
more than this. 


NDDH is required to base its BACT determination on cost estimates that are consistent 
with the NSR Manual and the Control Cost Manual. If Minnkota had followed the applicable 
methodology, it would have resulted in a determination that the cost effectiveness of SCR at 
MRYS was about $2,000 per ton. For the reasons set forth above, NDDH should reject 
Minnkota's cost analysis and base its BACT determination on the application of the NSR 
Manual and the Control Cost Manual. An objective review of these results would show that 
SCR is cost effective. 


If you would like to discuss any of these matters, please call Cynthia Reynolds at 
(303) 312-62006 or Brenda Morris at (303) 312-6891. 


Enclosures 


rew M. Gaydosh 
ssistant Regional Administrator 


Office of Enforcement, Compliance and 
Environmental Justice 
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cc: David Glatt, NDDH (w/o Enclosures), 
Dean Haas, NDDH (w/o Enclosures), 
Jerry MacLaughlin, USDOJ (w/o Enclosures), 
Jeff Kodish, OECA, (w/o Enclosures), 
Brenda Morris, EPA (w/o Enclosures), 
Hans Buenning, EPA 
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UNITED STATES ENVIRONMENTAL PROTECTION AGENCY 
REGION 8 


Ref: 8ENF-L 


Via US Mail & Email 
Mr. John Cochran 
CERAM Environmental, Inc. 
7304 W. 1301


h Street, Suite 140 
Overland park, Kansas 66213 


99918TH STREET- SUITE 300 
DENVER, CO 80202-2466 


Phone 800-227-8917 
http://www.epa.gov/region08 


May 11, 2010 


Re: CERAM's Confidential Business Information (CBI) 
Claim Regarding Proposal No. NR090911-2 


Dear Mr. Cochran: 


The United States Environmental Protection Agency (EPA) has submitted its comments on 
the North Dakota Department of Health's (NDDH's) April 2010, Draft Best Available Control 
Technology (BACT) Determination for Nitrogen Oxides (NOx) for Milton R. Young Station 
(MRYS), Units 1and2 (Draft BACT Determination). EPA's comments on NDDH's Draft 
BACT Determination refer to information in enclosures 13 and 15 subject to CERAM's 
confidential business information (CBI) claim regarding CERAM Proposal No. NR09091 l-2. 
EPA previously obtained written approval to submit the CBI to NDDH. EPA has maintained the 
CBI designation and transmitted that information in accordance with the foderal policies 
regarding CBI. EPA has not reviewed this information to ascertain if it is CBI, and is not taking 
a position as to whether or not such a claim is valid. NDDH has a process for handling CBI 
which can be found at NDAC 33-15-01-16. Should EPA receive a request for this information at 
a later date. EPA will follow its federal CBI process. 


cc: Terry O'Clair, NDDH 
Jerry MacLaughlin, DOJ 
Jeff Kodish, EPA, OECA 
Hans Buenning, EPA, ENF-AT 


Brenda L. Morris, Attomey 
lJ.S. EPA Region 8 
Tel: 303-312-6891 
morris. brenda@epa.go 


@Printed on Recycled Paper 







UNITED STATES ENVIRONMENTAL PROTECTION AGENCY 
REGION 8 


Ref: 8ENF-L 


Via US Mail & Email 
Wayne S. Jones 
Haldor T opsoe, Inc. 
17629 El Camino Real 
.Houston. TX 77058 


Dear Mr.Jones: 


99918TH STREET - SUITE 300 
DENVER, CO 80202-2466 


Phone 800-227-8917 
http://www.epa.gov/region08 


May 1L2010 


Re: Haldor Topsoe's Confidential Business Information 
(CBI) Claim regarding Quotation No. 09-6362 


The United States Environmental Protection Agency (EPA) has submitted its comments on 
the North Dakota Department of Health's (NDDH's) April 2010. Draft Best Available Control 
Technology (BACT) Determination for Nitrogen Oxides (NOx) for Milton R. Young Station 
(MRYS), Units 1and2 (Draft BACT Determination). EPA 's comments on NDDH's Draft 
BACT Determination refer to information in enclosures 13 and 15 subject to Haldor Topsoe's 
confidential business information (CBI) claim regarding Haldor Topsoe's Quotation No. 09-
6362. EPA previously obtained written approval to submit the CBI to NDDH. EPA has 
maintained the CBI designation and transmitted that information in accordance with the federal 
policies regarding CBI. EPA has not reviewed this information to ascertain if it is CBI, and is 
not taking a position as to whether or not such a claim is valid. NDDH has a process for 
handling CBI which can be found at NDAC 33-15-01-16. Should EPA receive a request for this 
information at a later date, EPA will follow its federal CBI process. 


cc: Terry O'Clair. NDDH 
Jerry MacLaughlin, DOJ 
Jeff Kodish, EPA OECA 
Hans Buenning, EPA, ENF-AT 


~~~ 
Brenda L. Mo~ ~mey 
U.S. EPA Region 8 
Tel: 303-312-6891 
morris.brenda@epa.go 







UNITED STATES ENVIRONMENTAL PROTECTION AGENCY 
REGION 8 


Ref: 8ENF-L 


Via US Mail & Email 
Ken Jeffers 
Johnson Matthey Catalysts LLC 
1121 Alderman Drive. Suite 204 
Alpharetta. GA 30005 


Dear Mr. Jeffers: 


99918TH STREET- SUITE 300 
DENVER, CO 80202-2466 


Phone 800-227 -8917 
http://www.epa.gov/region08 


May 11. 2010 


Re: Johnson Matthey's Confidential Business Information 
(CBI) Claim regarding Proposal 71779 


lbc United States Environmental Protection Agency (EPA) has submitted its comments on 
the North Dakota Department of Health's (NDDH's) April 2010, Draft Best Available Control 
Technology (BACT) Determination for Nitrogen Oxides (NOx) for Milton R. Young Station 
(MRYS). Units I and 2 (Draft BACT Dctennination). EPA's comments on NDDH's Draft 
BACT Detcnnination refer to information in enclosures 13 and 15 subject to Johnson Matthey's 
confidential business information (CBI) claim regarding Johnson Matthey's Proposal No. 71779. 
EPA previously obtained written approval to submit the CBI to NDDH. EPA has maintained the 
CBI designation and transmitted that information in accordance with the federal policies 
regarding CBI. EPA has not reviewed this information to ascertain if it is CBL and is not taking 
a position as to whether or not such a claim is valid. NDDH has a process for handling CBI 
which can be found at NDAC 33-15-01-16. Should EPA receive a request for this information at 
a later date, EPA will follow its federal CBI process . 


cc: Terry O'Clair. NDDH 
Jerry MacLaughlin, DOJ 
Jeff Kodish, EPA, OECA 


. ~~e:::w~~ 
~r~cia{ Morris, Attorney 
U.S. EPA Region 8 
Tel: 303-312-6891 
morris. brenda@epa.go 


Hans Buenning, EPA, ENF-AT 
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OVERVIEW 
 
Prior to the installation of new, modified, relocated, or replacement equipment which results in an 
increase of air pollution emissions, the San Diego County Air Pollution Control District (District) 
Rules and Regulations specify that the equipment must obtain an Authority to Construct and be 
evaluated in accordance with applicable New Source Review (NSR) rules.  If such equipment will 
emit 10 or more pounds per day of Volatile Organic Compounds (VOC), Oxides of Nitrogen (NOx), 
Oxides of Sulfur (SOx) or Particulate Matter (PM10), it must use the Best Available Control 
Technology (BACT) to reduce emissions.  The purpose of this guidance document is to help permit 
applicants meet the District's NSR requirements for determining BACT for their equipment.  
Definitions for most of the terms used in this guidance document may be found in District Rule 20.1 
or Rule 2. 
 
Note:  If you are already familiar with NSR and BACT and want to know which control/reduction 
measures will meet District BACT requirements for the new equipment or modification you are 
planning, skip directly to the BACT Look-up Tables located in Section 3 of this document. 
 
Section 1 provides a general overview of what BACT is and when BACT must be used.  Section 1 
also discusses how to calculate emissions to determine if BACT is required and provides sample 
calculations.  If BACT is required, the applicant can refer to the list of representative 
control/reduction measures found in the Section 3 BACT Look-up Tables.   
 
Section 2 explains how to use the BACT Look-up Tables provided in Section 3 and provides two 
detailed examples using the Look-up Tables.  Section 2 also includes guidance on determining 
alternative BACT Control Options and background information regarding the development of the 
Look-up Tables. 
 
Section 3 contains the BACT Look-up Tables and a list of the equipment included in the Tables.  
The Look-up Tables are arranged in alphabetical order by equipment type.  Each Look-up Table 
provides a list of air pollution control equipment and/or process modifications which can be utilized 
to meet the District’s BACT requirements.  The Look-up Tables are useful for the most frequently 
permitted types of equipment such as boilers, engines and painting operations. 
 
Section 4 describes the step-by-step top-down BACT analysis process required when an applicant 
elects not to use the BACT control/reduction measures provided in the BACT Look-up Tables or 
when the equipment is not listed in the BACT Look-up Tables.  In such cases, the applicant must 
prepare a project-specific analysis to determine what BACT is for the equipment or process being 
proposed.   
 
As part of the pre-application meeting, the District assists the applicant in determining whether 
BACT is required.  Available BACT control options, cost effectiveness and less stringent options are 
discussed.  If less stringent BACT options are being considered, the District provides additional 
information on requirements for demonstrating technical and economical feasibility and for 
conducting the top-down BACT analysis, including requirements for supporting documentation. 
 
Applicants are encouraged to use these guidelines to ensure consistent and expeditious processing of 
permit applications where BACT is required.  For questions or concerns regarding BACT 
requirements or this document, please contact the District’s Engineering Division at (858) 586-2600. 
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SECTION 1 
 


BEST AVAILABLE CONTROL TECHNOLOGY (BACT) APPLICABILITY 
 
The purpose of this section is to help applicants determine if the use of Best Available Control 
Technology (BACT) is required for the proposed equipment.   
 
 
1.1 WHAT IS BACT? 
Best Available Control Technology (BACT) is the level of air contaminant emission control or  
reduction required by state law and District rules for new, modified, relocated, and replacement 
emission sources.  BACT is intended to reduce emissions to the maximum extent possible 
considering technological and economic feasibility. 
 
According to District Rule 20.1 Section (c)(11), BACT is defined as:   
 


“(i) the lowest emitting of any of the following: 
 


(A) the most stringent emission limitation, or the most effective emission control 
device or control technique, which has been proven in field application and which 
is cost-effective for such class or category of emission unit, unless the applicant 
demonstrates to the satisfaction of the Air Pollution Control Officer that such 
limitation, device or control technique is not technologically feasible, or  


 
(B) any emission control device, emission limitation or control technique which has 


been demonstrated but not necessarily proven in field application and which is 
cost-effective for such class or category of emission unit, as determined by the 
Air Pollution Control Officer, unless the applicant demonstrates to the satisfaction 
of the Air Pollution Control Officer that such limitation, device or control 
technique is not technologically feasible, or 


 
(C) any control equipment, process modifications, changes in raw material including 


alternate fuels, and substitution of equipment or processes with any equipment or 
processes, or any combination of these, determined by the Air Pollution Control 
Officer on a case-by-case basis to be technologically feasible and cost-effective, 
including transfers of technology from another category of source, or 


 
(D) the most stringent emission limitation, or the most effective emission control 


device or control technique, contained in any State Implementation Plan (SIP) 
approved by the federal EPA for such emission unit category, unless the applicant 
demonstrates to the satisfaction of the Air Pollution Control Officer that such 
limitation or technique has not been proven in field application, that it is not 
technologically feasible or that it is not cost-effective for such class or category of 
emission unit." 


 
BACT is usually determined based on specific equipment categories such as diesel engines, 
utility boilers, or turbines and can consider case-by-case factors.  The control device, technique 
or emission limitation chosen as BACT must be proven in field application and must be cost- 
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effective.  These terms are defined in Rule 20.1 (c)(18) and (c)(56).  BACT changes with time as 
improved control technologies are developed and are proven in field applications and as the cost-
effectiveness of control techniques improves.  Accordingly, this BACT Guidance Document will 
be updated on a periodic basis.  To verify that the BACT Look-up Tables contained in Section 3 
are current, please call the District's Engineering Division at (858) 586-2600. 
 
 
1.2 WHEN IS BACT REQUIRED?1  
BACT is required for any new, modified, relocated, or replacement emission unit which is 
required to obtain an Authority to Construct and/or Permit to Operate pursuant to Rule 10, which 
will result in an increased potential to emit, and which has a post-project potential to emit 10 or 
more pounds per day of the pollutant being increased.  (Potential to Emit is discussed in greater 
detail in Section 1.5.)  BACT must be applied for each of the following pollutants with emissions 
exceeding 10 pounds per day: 


 
• inhalable particulates (PM10) 
• oxides of nitrogen (NOx) 
• volatile organic compounds (VOC) 
• oxides of sulfur (SOx).  


 
Replacement emission units are required to use BACT if the unit’s potential to emit is equal to or 
greater than 10 pounds per day.  Relocated emission units which are moved more than 10 miles 
from the original source or which have an increase in emissions are required to apply BACT if 
the unit’s potential to emit is equal to or greater than 10 pounds per day.  
 
Please note that if the equipment or modification is specifically exempt from permits pursuant to 
Rule 11, or is registered under District Rules 12 or 12.1 or the Statewide Portable Equipment 
Registration Program, the New Source Review rules do not apply (i.e. the BACT requirements 
do not apply). 
 
Equipment or processes with a maximum potential to emit of less than 10 pounds per day for 
each of the listed pollutants are not required to apply BACT.  However, the permit applicant is 
required to provide documentation showing that the emission unit’s maximum potential to emit 
is less than 10 pounds per day.  (Potential to Emit is discussed in greater detail in Section 1.5.) 
 
Alternatively, the applicant may choose a limiting permit condition to ensure that the emissions 
from the equipment or process does not equal or exceed 10 pounds per day.  Examples of 
limiting conditions include operating time limits, fuel limits, and production limits.  The District 
may require ongoing record keeping to ensure that emissions from these units are below 10 
pounds per day in actual operation. 


 
1 Rule References:  Rule 20.2 (b) and (d) and Rule 20.3 (b) and (d). 
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1.3 HOW DOES BACT APPLY TO MODIFIED EMISSION UNITS? 
BACT may be required for all of the emissions from a modified emission unit, or only for the 
increased emissions that result from the modification.  This depends on the nature of the 
modification and the level of emission controls previously required for the equipment.  Rule 20.1 
Section (c)(11) specifies that: 


 
"(ii) For modified emission units, the entire emission unit’s post-project potential to emit 


shall be subject to BACT, except as follows.  The provisions of this Subsection 
(c)(11)(ii) shall not apply to relocated or replacement emission units. 


 
(A) BACT applies to the emissions increase associated with the modification and not 


the emission unit’s entire potential to emit, if control technology, an emission 
limit or other emission controls meeting the BACT definition was previously 
applied to the unit and if the project's emission increase is less than the major 
modification thresholds of Table 20.1-5. 


 
(B)  BACT applies to the emission unit’s entire potential to emit, if the emission unit 


was previously subject to BACT but BACT was determined to not be cost-
effective, technologically feasible or proven in field application. 


 
(C) BACT applies to the emissions increase associated with the emission unit and not 


the emission unit’s entire potential to emit if the emissions increase associated 
with the modification is less than 25 percent of the emission unit’s preproject 
potential to emit and if the project’s emission increase is less than the major 
modification thresholds of Table 20.1-5." 


 
 
1.4 WHAT EQUIPMENT IS TYPICALLY REQUIRED TO USE BACT? 
The following are examples of emission units typically required to apply BACT.  Similar 
equipment with similar control technology may vary significantly in emission rates depending on 
materials used, fuels, operating hours, production levels, etc.  Therefore, these are only 
examples.  Applicants should base their determination upon equipment-specific emissions data 
before determining whether or not BACT is required for their project.   
 
• A 200 brake horsepower diesel-fired engine operated more than 4 hours per day would be 


required to use BACT to minimize NOx emissions.  In general, the higher the BHP rating, 
the fewer hours such equipment may be operated before emissions exceeding the BACT 
threshold will occur.  


 
• An auto-refinishing operation using 4 gallons per day of coatings with a volatile organic 


compound (VOC) content of 4.5 pounds per gallon has a VOC emission rate of 18 pounds 
per day and would be required to use BACT to minimize VOC emissions. 


 
• A gasoline station that dispenses 4,000 gallons per day (1.15 million gallons per year) has a 


VOC emission rate of 12 pounds per day and would be required to use BACT to minimize 
VOC emissions (gasoline vapors).   
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• Continuous operation (24 hrs/day) of an uncontrolled natural gas-fired boiler rated at 5 
MM Btu per hour or greater, would be required to use BACT to minimize NOx emissions.  
Boilers with some NOx controls may also be required to use BACT if the controlled NOx 
emissions still equal or exceed 10 pounds per day. 


 
 
1.5 POTENTIAL TO EMIT CALCULATIONS1
BACT applies if a new or modified emission unit has the 'potential to emit' 10 or more pounds 
per day of certain air contaminants.  The maximum daily potential to emit (pounds per day) of 
each air contaminant emitted by the emission unit must be calculated to determine whether 
BACT is required.  Example potential to emit calculations for projects where BACT may be 
required are provided in Section 1.6.  Emission rates are calculated using District approved 
emissions estimation techniques.  Emission data is usually obtained from equipment 
manufacturers, emission source tests, or District-approved Air Resources Board (ARB) or 
Environmental Protection Agency (EPA) emission factors. 
 
Unless the applicant proposes or agrees to permit conditions that limit emissions, potential to 
emit calculations are based upon the maximum design capacity of the emission unit or other 
operating conditions which reflect the maximum potential emissions (such as horsepower rating 
of an engine, heat input rating of boilers, etc.).  Operation is assumed to be 24 hours per day and 
365 days per year unless otherwise limited by the applicant.  Emissions from stacks and fugitive 
emissions from the emission unit must be included in calculating potential emissions for BACT 
determinations. 
 
An emission unit’s potential to emit cannot be greater than its physical ability to generate emis-
sions given the equipment’s physical and operational constraints.  As noted above, an applicant 
can agree to permit conditions that limit emissions such as fuel usage limits, limits on operating 
hours, or VOC content limits.  If these conditions are enforceable, these limits can be used to 
calculate the emission unit’s potential to emit.   
 
 
1.6 EXAMPLES OF POTENTIAL TO EMIT CALCULATIONS 
 
Example 1 -- New Diesel Engine with No Operational Limits   


Equipment/Given Information:  
A new 240 horse power (hp) stationary diesel fuel engine with a NOx emission factor of 
8.7 grams/hp-hour.  The unit has the ability to operate 24 hours per day.  No limiting 
permit conditions were proposed. 


 
Maximum Potential to Emit (PTE) Emission Calculation: 


PTE Emission Rate (lbs/day)  


 = Engine Size (hp) x 
(Emission Rate (grams/hp-hour))


(453.6 grams/lb)   x Operating Hours (hours/day)  


 


                                                 
1 Rule References: Rule 20.1 (d)(1)(i)(A) & (B). 
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 = 240 hp x 
(8.7 grams/hp-hour)


(453.6 grams/lb)   x 24 hours/day  


 = 110.5 lbs NOx/day 
 
Conclusion: 


The maximum calculated PTE emission rate of 110.5 pounds NOx per day exceeds the 
10 pounds per day BACT threshold.  Therefore, BACT is required. 


 
 


Example 2 -- New Diesel Engine with Operational Limits   
Equipment/Given Information:  


A 350 horse power (hp) stationary diesel fuel engine with a PM10 emission factor of 0.8 
grams/hp-hour.  The applicant has proposed to limit operation of the engine to no more 
than 10 hours per day.   


 
Maximum Potential to Emit (PTE) Emission Calculation: 


PTE Emission Rate (lbs/day)  
 


 = Engine Size (hp) x 
(Emission Rate (grams/hp-hour))


(453.6 grams/lb)   x Operating Hours (hours/day)  


 = 350 hp x 
(0.8 grams/hp-hour)


(453.6 grams/lb)   x 10 hours/day  


 = 6.2 lbs PM10/day  
 
Conclusion: 


The maximum calculated PTE emission rate of 6.2 pounds PM10 per day is less than the 
10 pounds per day BACT threshold.  Therefore, BACT is not required for the PM10 
emissions, but the applicant must accept a permit condition limiting operation of the 
engine to less than 10 hours per day. 


 
 
Example 3 -- New Coating Operation with No Operational Limits 


Equipment/Given Information:  
A continuous feed roller coating operation will use 1.0 gallons per hour of a coating with 
a VOC content of 2.8 pounds per gallon.  The unit has the ability to operate 24 hours per 
day.  No limiting permit conditions were proposed. 


 
Maximum Potential to Emit (PTE) Emission Calculation: 


PTE Emission Rate (lbs/day)  
 
 = Usage (gallons/hour)  x  Operating Hours (hrs/day)  x  VOC Content (lbs/gallon) 
 = (1.0 gallons/hr)  x  (24 hrs/day)  x  (2.8 lbs/gallon)  
 = 67.2 lbs VOC/day 
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Conclusion: 
The maximum calculated PTE emission rate of 268.8 pounds VOC per day is greater than 
the 10 pounds per day BACT threshold.  Therefore, BACT is required. 


 
 


Example 4 -- New Metal Parts Coating Operation with Operational Limits 
Equipment/Given Information:  


A metal parts coating operation uses 4 gallons of coating per 8-hour shift with a VOC 
content of 1.2 pound per gallon.  The operation has the ability to operate 24 hours per 
day.  The applicant has proposed to limit operations to 2 shifts (16 hours) per day and 
therefore coating usage will be limited to 8 gallons per day. 


 
Maximum Potential to Emit (PTE) Emission Calculation: 


PTE Emission Rate (lbs/day)  
 
 = Usage (gals/shift)  x  Operating Hours (shifts/day)  x  VOC Content (lbs/gal) 
 = (4.0 gallons/shift)  x  (2 shifts/day)  x  (1.2 lbs/gallon)   
 = 9.6 lbs VOC/day 


 
Conclusion: 


The maximum calculated PTE emission rate of 9.6 pounds VOC per day is less than the 
10 pounds per day BACT threshold.  Therefore, BACT is not required provided the 
applicant agrees to permit conditions limiting coating material usage to 8 gallons per day, 
the VOC content to 1.2 pounds per gallon, and daily usage records.  As an alternative, the 
applicant may propose a permit condition limiting emissions to less than 10 pounds per 
day and maintain usage and VOC content records to demonstrate that actual daily 
emissions are below this limit.1


 
 
Example 5 -- Modified Metal Parts Coating Operation with Operational Limits 


Equipment/Given Information:  
An existing metal parts coating operation uses 3 gallons of coating per 24 hour day with a 
VOC content of 2.8 pounds per gallon.   
A BACT determination was not made for the original application.   
The coating complies with Rule 67.3 VOC limits.   
The pre-project potential emissions are 8.4 pounds per day.   
The applicant has proposed adding a new paint spray booth and increasing coating usage 
to 10 gallons per 24 hour day. 


 
Maximum Potential to Emit (PTE) Emission Calculation: 


PTE Emission Rate (lbs/day)  
 
 = Usage (gallons/24 hour day)  x  VOC Content (lbs/gallon) 
 


                                                 
1  In this example, the extremely low VOC content of the coating may be acceptable as BACT.  If the 


coating is found to represent BACT, emissions would not need to be limited to 10 pounds VOC/ day. 
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 = (10.0 gallons/24 hour day)  x  (2.8 lbs/gallon)  
 = 28.0 lbs VOC/day 


 
Emission Increase: 
Post-project potential minus pre-project potential emissions 


 
 = 28.0 lbs VOC/day  -  8.4 lbs VOC/day  =  19.6 lbs VOC/day 


 
Conclusion: 


The maximum calculated PTE emission rate of 28.0 pounds VOC per day is greater than 
the 10 pounds per day BACT threshold.  Therefore, BACT is required.  Since BACT was 
not applied in the original application, and the emission increase is greater than 25% of 
the pre-project potential emissions, BACT must be applied to the total post-project 
emissions from this operation. 







 


SECTION 2 
 


USING BACT LOOK-UP TABLES TO DETERMINE BACT 
 
 
2.1 INTRODUCTION 
This section provides background and support information regarding the BACT Look-up 
Tables found in Section 3.  The BACT Look-up Tables provide listings of representative 
emission control/reduction measures such as emission limits, process modifications or the use 
of control equipment that can be proposed to meet BACT requirements.   
 
The Look-up Tables may be used to locate a specific equipment category and the appropriate 
BACT control/reduction measure.  Section 3.1 contains an alphabetical list by equipment type 
(by capacity) of the available BACT Look-up Tables developed by the District.  Applicants 
should review this list to determine if a BACT Look-up Table is available for their specific 
equipment or process.  If no BACT Look-up Table is available, or if the applicant chooses not 
to propose a listed BACT control/reduction measure or an alternative measure that meets the 
stated BACT Emission Rate, then the applicant must perform a “top-down” BACT analysis as 
described in Section 4.   
 
Each BACT Look-up Table consist of two parts.  The first part provides a maximum Emission 
Rate for each criteria pollutant (VOC, NOx, SOx, PM10) in the row labeled “BACT Emission 
Rate.”  The second part consists of one or more rows labeled “BACT Control Option” which 
provide a list of equipment, materials, or methods that can be used to meet the stated BACT 
Emission Rate.  Some Look-up Tables only contain BACT Control Options rather than 
specific BACT Emission Rates.  
 
If an applicant proposes to use the first BACT Control Option listed in a Look-up Table, 
then that control/reduction measure will be accepted as BACT.  The applicant must 
submit adequate documentation (e.g. manufacturer specifications, usage logs, MSDS, fuel 
meter readings, source tests etc.) that the selected control/reduction measure is capable of 
performing at the BACT Emission Rate, if a BACT Emission Rate is specified in the Look-up 
Table. 
 
 
2.2 HOW TO USE THE BACT LOOK-UP TABLES WHEN ONLY ONE BACT 


OPTION IS LISTED 
To determine an acceptable control measure from a BACT Look-up Table when only one 
BACT Control Option is provided, find the appropriate Look-up Table for the equipment 
being proposed for installation or modification.  Select the BACT Control Option listed and 
reference the Section 3 Look-up Table in the permit application.  An applicant may instead 
propose an alternative BACT Control Option as outlined in Section 2.6 or perform a “top-
down” BACT analysis as described in Section 4.  
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EXAMPLE 2.2:  When Only One BACT Control Option is Listed 
A small 15 MM Btu/hr natural gas-fired boiler emits 12 pounds of NOx per day and therefore 
will need to apply BACT.  The applicant locates the appropriate BACT Look-up Table, "Boilers 
(<50 MM Btu/hr) -- Fee Schedule 13A," and reviews the BACT Emission Rate and BACT 
Control Option listed for Natural Gas operation under the NOx and PM headings (See Table 2.2 
below).  The listed BACT Emission Rates are 12 ppmv NOx (corrected to 3% O2) and 0.10 
gr/dscf for PM emissions.  The Look-up Table only provides one BACT Control Option for this 
type of equipment.  The BACT Control Option row specifies a combination of natural gas as the 
fuel, a low NOx burner, flue gas recirculation, and oxygen controller to meet BACT 
requirements.   
 
TABLE 2.2 - BACT Look-up Table for Example 2.2 
 


BOILERS (<50 MM BTU/HR) -- Fee Schedule 13A 
 VOC NOx SOx PM 
BACT Emission 
Rate Limit 


Not 
Determined 


12 ppm corrected to 
3% O2  
NG or LPG 


Not Determined 0.10 gr/dscf† 


BACT Control 
Option 
 
(Using NG or 
LPG fuel only.) 


NG or LPG 
fuel 


 
(A/P) 


Low NOx Burner, 
FGR, and oxygen 
controller. NG or LPG


 
(A/P) 


NG or LPG fuel 
 


(A/P) 


NG or LPG fuel 
 


(A/P) 


BACT Control 
Option 
 
(Using No. 2 oil 
as backup fuel.) 


(N/A) Low NOx Burner, 
FGR, and oxygen 
controller.  
 


(A/P) 


No. 2 fuel oil with 
< 0.05% sulfur 


content 
 


(A/P) 


Low ash fuel 
 


(A/P) 


 
The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 10 pounds per 
day for each pollutant in lieu of meeting the stated BACT requirement. 
 
FGR - Flue Gas Recirculation 
LPG -  Liquefied Petroleum Gas 
NG - Natural Gas 
† The District has determined that the use of Natural Gas ensures compliance with the PM BACT 


Emission Rate of 0.1 gr/dscf.  No further analysis is required for this pollutant.  
 
The applicant proposes the use of all these technologies as part of the boiler application 
submitted to the District and references the Section 3 Look-up Table.  The applicant must 
provide information demonstrating that the specific controls selected will meet the listed NOx 
BACT Emission Rates.  By specifying the listed BACT Control Option and providing the 
required supporting information, the applicant has satisfied the BACT requirement.  No 
further BACT analysis is required.  (See Figure 2.2 for a flowchart of this process.)  If the 
applicant chooses not to propose the BACT Control Option specified in the Look-up Table, 
they may propose an alternative BACT Control Option as outlined in Section 2.6 or perform a 
“top-down” BACT analysis as described in Section 4.   
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Figure 2.2 -- Flowchart of Example 2.2 (only one BACT Control Option) 
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2.3 HOW TO USE THE BACT LOOK-UP TABLES WHEN MORE THAN ONE 
BACT OPTION IS LISTED 


To determine an acceptable control/reduction measure from a BACT Look-up Table when 
more than one BACT Control Option is provided, find the appropriate Look-up Table for the 
equipment being proposed for installation or modification.  The possible BACT Control 
Options are listed in descending order of stringency.  If an applicant chooses the top-listed 
Control Option, no further BACT analysis is required and the applicant only needs to 
reference the Section 3 BACT Look-up Table in their application.  If the applicant does not 
choose the top-listed Control Option, the applicant must perform an analysis to determine the 
cost-effectiveness of each control technology listed in the boxes labeled technologically 
feasible (T/F) until a cost-effective control option is found.  (A control/reduction measure is 
labeled (T/F) if it is technologically feasible and has been demonstrated but not necessarily 
proven in field application.)  The analysis should include the uncontrolled potential to emit for 
the proposed equipment and the cost-effective calculations for each of the more stringent 
BACT Control Options not chosen, as well as the (T/F) option chosen.   
 
The first control/reduction measure which is determined to be cost-effective will be 
considered BACT.  If none of the technologically feasible control/reduction measures are 
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found to be cost-effective, the applicant must then propose the control/reduction measure 
designated achieved in practice (A/P), propose an alternative BACT Control Option as 
outlined in Section 2.6 or perform a “top-down” BACT analysis as described in Section 4.  (A 
technology is labeled (A/P) if it has been achieved in practice or demonstrated in use for the 
specific equipment category.)  If the final BACT Control Option chosen is a (A/P) option, 
then cost-effectiveness calculations are not required for that option, but are required for any 
(T/F) option not chosen.   
 
These procedures are intended to reduce the applicant’s time and effort in preparing a permit 
application as well as the cost of application review by the District.  The analysis required 
when the BACT Look-up Tables are used is significantly less than when a full top-down 
BACT analysis is performed.  However, an applicant may always choose to perform a project-
specific full top-down BACT analysis as described in Section 4.   
 
 
EXAMPLE 2.3:  When More Than One BACT Control Option is Listed 
A 55 MM Btu/hr natural gas-fired boiler has the potential to emit 120 pounds of NOx per day 
and therefore will need to use BACT.  The facility is a major source for NOx since they 
currently emit 55 tons of NOx per year from existing equipment.  The applicant locates the 
appropriate BACT Look-up Table, "Boilers (>50 MM Btu/hr) -- Fee Schedule 13B," and 
reviews the BACT Emission Rate and BACT Control Options listed for Natural Gas operation 
under the NOx and PM headings (See Table 2.3 below).  The listed BACT Emission Rates are 
5 ppmv NOx (corrected to 3% O2) and 0.10 gr/dscf for PM emissions.  The Table provides 
more than one BACT Control Option for this type of equipment.  The first BACT Control 
Option row specifies the use of Selective Catalytic Reduction (SCR) to meet the NOx BACT 
requirements.  The applicant may choose to propose the first BACT Control Option or may 
perform a cost-effectiveness analysis to determine if the technologically feasible 
control/reduction measure is also cost-effective.  (See Figure 2.3 for a flowchart of this 
process.) 
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TABLE 2.3 - BACT Look-up Table for Example 2.3 
 
BOILERS (50 to <250 MM BTU/HR) -- Fee Schedule 13B  


 VOC NOx SOx PM 
BACT 
Control 
Option 


NG or LPG 
fuel 


(A/P) 


SCR on NG or LPG fuel 


(duct burner may be required) 
(T/F) 


BACT Emission Rate Limit – 5 PPM 
corrected to 3% O2/NG or LPG 


NG or LPG 
fuel 


(A/P) 


NG or LPG fuel 
(A/P) 


BACT Emission 
Rate Limit - 0.10 


grain/dscf†


BACT 
Control 
Option 
(Using NG or 
LPG fuel 
only) 


NG or LPG 
fuel 


(A/P) 


Low NOx burner, FGR, and oxygen 
controller. 


NG or LPG 
(A/P) 


BACT Emission Rate Limit – 9 PPM 
corrected to 3% O2/NG or LPG. 


NG or LPG 
fuel 


(A/P) 


NG or LPG fuel 
(A/P) 


BACT Emission 
Rate Limit - 0.10 


grain/dscf†


BACT 
Control 
Option 
(Using No. 2 
oil as backup 
fuel.) 


(N/A) Low NOx burner, FGR, and oxygen 
controller. 


No. 2 fuel oil 
(A/P) 


BACT Emission Rate Limit – 9 PPM 
corrected to 3% O2 on NG or LPG.  Lowest 
achievable but no greater than 170 PPM 
corrected to 3% O2 on No. 2 fuel oil backup 


No. 2 fuel oil  
with < 0.05% 
sulfur content 


 
(A/P) 


Low ash fuel 
(A/P) 


BACT Emission 
Rate Limit - 0.10 


grain/dscf†


 


The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 10 
pounds per day for each pollutant in lieu of meeting the stated BACT requirement. 


NOTES: 
FGR - Flue Gas Recirculation LPG - Liquefied Petroleum Gas 
NG - Natural Gas SCR-Selective Catalytic Reduction 


† The District has determined that the use of Natural Gas ensures compliance with the PM BACT 
Emission Rate Limit of 0.1 gr/dscf.  No further analysis is required for this pollutant.  


 
The applicant elects not to propose SCR and calculates the cost-effectiveness value using the 
method outlined below in Example 2.5 and Figure 2.5.  
 
T/F Control/reduction Measures Cost-effectiveness
Selective Catalytic Reduction $12.00 per lb of NOx controlled 
 
The applicant compares the calculated cost-effectiveness value with the reference cost-
effectiveness values contained in Table 2.4.  For a source emitting more than 15 tons per year 
of NOx, the cost-effectiveness threshold is $9.00 per pound of NOx controlled.  For this 
example, the listed (T/F) technology is not cost-effective.  A copy of the cost-effectiveness 
analysis must be submitted with the permit application.   
 
The applicant continues by reviewing the BACT Control Option listed as (A/P).  The applicant 
proposes the use of all the listed (A/P) technologies as part of the boiler permit application 
submitted to the District and references the Section 3 BACT Look-up Table.  The applicant must 
submit documentation showing that each of the (T/F) technologies were not cost-effective for the 
suggested control equipment and provide information demonstrating that the specific (A/P) 
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controls selected meet the listed NOx BACT emission rates.  By specifying the equipment listed 
as a BACT Control Option and providing the required supporting information, the applicant has 
satisfied the BACT requirement.  No further BACT analysis is required.  If the applicant chooses 
not to propose any of the BACT Control Options specified in the Look-up Table, the applicant 
can propose an alternative BACT Control Option as outlined in Section 2.6 or perform a “top-
down” BACT analysis as described in Section 4.   
 
 
Figure 2.3 -- Flowchart of Example 2.3 (more than one BACT Control Option) 
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2.4 COST-EFFECTIVENESS 
When an applicant proposes to use a BACT control option other than the top-listed BACT 
control option or is performing a top-down BACT analysis, the applicant must evaluate the 
cost-effectiveness of emission controls.  The cost-effectiveness analysis must be performed 
for each (T/F) control option in the order listed in the BACT Look-up Table until a control 
option is determined to be cost-effective or the (A/P) control option is reached.  A 
control/reduction measure is considered cost-effective if the annualized cost of its 
implementation is equal to or less than the District defined cost-effectiveness value for the 
same pollutant contained in Table 2.4 below.   
 
 
Table 2.4 - BACT Cost-Effectiveness Values1
 


Cost-Effectiveness, $ per Pound of Pollutant Controlled 
Stationary Source's Post 
Project PTE 


BACT 
Multiplier 


 
VOC 


 
NOx 


 
SOx* 


 
PM* 


Cost-effective Bench Mark  $ 3.40 $ 6.00   
≤15 tons per year 1.1 $ 3.74 $ 6.60   
>15 tons per year 1.5 $ 5.10 $ 9.00   
*Cost-effectiveness values are not currently available for these pollutants. 
Table was last revised 5/02. 


 
 
2.5 COST-EFFECTIVENESS CALCULATIONS 
Cost-effectiveness is defined as the annualized cost of the control option divided by the 
annual emission reductions from the control option.  The following information is required to 
calculate the cost-effectiveness of a proposed control option: (1) the capital cost of purchasing 
and installing the control equipment or making a process modification, (2) the annual 
operating costs of the control option and (3) an estimate of the emissions before and after 
application of the control option.   
 
The capital costs of purchasing the control option should be determined using actual vendor 
price quotes for each proposed control option.  Installation costs should also be based on 
vendor price quotes.  If vendor price quotes are unavailable, elements of the installation cost 
may be estimated by the applicant based on accepted cost estimation methodology.2   Total 
capital costs may include the following: 
 


                                                 
1 The BACT cost-effectiveness reference values contained in this table were calculated based on the 


highest cost per pound of pollutant controlled associated with RACT and BARCT rules for a 
particular pollutant.  These values are revised as rules with higher costs are adopted and 
implemented.  Therefore, these BACT cost-effectiveness reference values will change over time.  
The applicant should confirm the current cost-effectiveness reference values with District staff. 


2  Some helpful references include: 
 "Estimating Costs of Air Pollution Control," William M. Vatavuk, Lewis Publishers 1991. 
 "OAQPS Control Cost Manual, 5th edition" Emissions Standards Division of the Office of Air 


Quality Planning and Standards, U.S. EPA, December 1995. 


2-7 







 


 Purchased Equipment Costs Direct Installation Costs
  • Control Device (or modified equip)  • Foundations and Supports 
  • Ancillary (including duct work)  • Handling and Erection 
  • Instrumentation  • Electrical 
  • Taxes  • Piping 
  • Freight  • Painting 
 
 Indirect Installation Costs 
  • Engineering 
  • Construction and Field Expenses 
  • Permitting  
  • Start-Up 
  • Performance Tests (Including Compliance Source Testing) 
  • Contingencies 
 
When the total capital costs have been determined, they are annualized by the use of a capital 
recovery factor.  The capital recovery factor is calculated using the following equation: 
Capital recovery factor (CRF)= i(1+i)n 
 (1+i)n -1 
 
Where i = interest rate of the loan and  
 n = number of years in amortization period (Useful life of equipment) 
 
 
The annual operating costs should be determined using actual costs when the data is available.  
Reasonable estimates may also be used when data is not available.  Total operating costs may 
include the following: 
 
 Direct Costs Indirect Costs
  • Raw Materials  • Overhead 
  • Utilities (electricity, water, fuel)  • Property Taxes 
  • Waste Treatment/Disposal  • Insurance 
  • Labor  • Administrative Charges 
  • Maintenance Materials 
  • Replacement Parts 
 
 Recovery Cost Credits
  • Materials 
  • Energy 
 
Emission reductions are the last piece of information that must be determined prior to 
calculating the cost-effectiveness.  When add-on controls are utilized, the maximum 
emissions before and after the application of a control option should be calculated based on 
what an operation is capable of emitting considering physical or operational limitations, 
including permit conditions limiting potential emissions. (Such as those limiting throughput 
or hours of operation.)  The emission reduction is the difference between the total emissions 
before and after application of the control equipment.  Both the capture and destruction 
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efficiencies of the control device should be considered when determining the maximum 
emissions after installation of the control device.   
 
For control options based on process modifications such as product substitution, the emission 
reduction is the difference between the maximum emissions from a modified process and the 
unmodified process.  Physical or operational limitations should also be considered when 
determining emissions in this case. 
 
 
EXAMPLE 2.5: Cost-Effectiveness Calculation 
For a 50 MM Btu boiler at 100% of operating capacity, the following information was 
determined for the purposes of calculating the Cost-effectiveness of installing Selective 
Catalytic Reduction as a control option.  The facility is already a major source of NOx 
emissions (i.e. emissions are > 50 tons per year). 
 
Given:
 Capital Cost of Control Option = $1,500,000 
 Capital Recovery Factor (CFR) = .1627 (assuming 10% interest for 10 years) 
 Annual Operating and Maintenance Costs = $98,000 
 Uncontrolled emissions = 21 tons of NOx per year 
 Capture Efficiency = 100% 
 Control Efficiency = 80% 
 
Equations:


Cost-Effectiveness ($/lb) = 
Annualized Costs


 Pounds of Pollutant Reduced  


 
Annualized Costs ($) = (Capital Cost x CFR) + Annual Operating Costs 
 
Pollutant Reduced (lbs) = (Uncontrolled Emissions x Capture Efficiency x  
 Control Efficiency) x (2000 lbs/ton) 
 


Cost-Effectiveness = 
tonlbsxxxton


x
/200080.0.121


98000$1627.1500000$ +  = $12.00 per pound 


 
The calculated cost-effectiveness for this proposed control option would then be compared to 
the cost-effective values determined by the District in Table 2.4.  Since the calculated cost-
effectiveness value of $12.00 is higher than the $9.00 value in the table for sources emitting > 
15 tpy, this control option would not be considered cost-effective.  The applicant would repeat 
this process for each of the remaining control options until a cost-effective option is 
determined, or the applied in practice (A/P) control option is the only option remaining. 
 
Figure 2.5 provides an example flowchart of the cost-effectiveness calculation method for a 
VOC source.  Applicants required to perform cost-effectiveness calculations should contact 
the Engineering Division at (858) 586-2600, if they need help with such calculations.   
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FIGURE 2.5 
BACT COST-EFFECTIVENESS PROCESS FLOWCHART 
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2.6 DETERMINING ALTERNATIVE BACT CONTROL OPTIONS 
There are various ways in which an applicant may propose an alternative control/reduction 
measure as BACT for their operation.  This section outlines the specific circumstances and 
requirements for determining alternative BACT requirements.   
 
Equivalent BACT Control Options 


• If the Look-up Table contains BACT Emission Rates, then the applicant may propose 
an alternative control/reduction measure which will achieve the same emissions as the 
BACT Emission Rate.  (Can be pollutant specific.) 


 
• If the Look-up Table does not contain BACT Emission Rates, then the applicant may 


propose an alternative control/reduction measure which is demonstrated by the 
applicant to be equally as effective as the BACT Control Option identified in the 
Look-up Table.  


 
In both cases, the applicant must submit with their permit application sufficient 
documentation showing that the alternative control/reduction measure meets the stated BACT 
Emission Rate or that it will reduce emissions to the same level as the listed BACT Control 
Option.  A top-down BACT analysis is not required if the proposed alternative is at least as 
stringent as the listed BACT Control Option (i.e. meets the BACT Emission Rate or achieves 
equivalent reductions).   
 
Less Stringent BACT Control Options 
In those specific cases when the applicant has demonstrated the Look-up Table options are not 
cost-effective or not technologically feasible, the applicant must submit with their permit 
application sufficient documentation showing that the proposed alternative control/reduction 
measure is BACT: 
 


• If the Look-up Table contains a BACT Emission Rate, and the applicant wants to 
propose an alternative control/reduction measure that does not meet the specified 
BACT Emission Rate, then the applicant must perform a top-down BACT analysis as 
outlined in Section 4.  The top-down analysis must clearly support the proposed 
alternative.  The applicant may be asked to supply supporting information regarding 
the technical and economic feasibility of the alternative control/reduction measure.  
The District will review the submitted top-down BACT analysis to determine whether 
the proposed technology is BACT.    


 
• If the Look-up Table does not contain a BACT Emission Rate, and the applicant 


proposes an alternative control/reduction measure which provides less control than the 
listed BACT Control Option, then the applicant must demonstrate that potential 
emissions have been reduced to the greatest extent possible considering technical and 
economic feasibility.   


 
 This alternative demonstration is a modified top-down BACT analysis that starts with 


the last listed BACT Control Option , then analyzes the next most effective 
control/reduction measure until a cost-effective measure is determined.  (Cost-
effectiveness calculations must be submitted with the application for Control Options 
not chosen.)  The District will review the alternative BACT analysis and determine 
whether the proposed technology is BACT.  The applicant may be asked to supply 
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supporting information regarding the technical and economic feasibility of the 
alternative control option.   


 
 
2.7 HOW THESE TABLES WERE DEVELOPED 
For smaller or less complex sources, only one BACT Control Option is provided within each 
Look-up Table.  For larger and more complex sources, several BACT Control Options which 
are technologically feasible (T/F), as well as those applied in practice (A/P), are provided. 
 
The BACT Look-up Tables which contain only one BACT Control Option were developed by 
the District.  Generic top-down BACT analyses were performed for various categories of 
equipment to determine control/reduction measures which are cost-effective for each 
pollutant.  (See Table 2.3 for the reference cost-effectiveness values used.) 
 
The BACT Look-up Tables which contain several BACT Control Options were obtained from 
existing District BACT guidance, the ARB/CAPCOA BACT Clearinghouse, and the EPA 
BACT/LAER Clearinghouse.  Each BACT Control Option was reviewed and listed by control 
efficiency from the most stringent to least stringent.  The information provided in the Look-up 
Tables should reduce the time and effort required to select equipment which will meet the 
BACT requirements by allowing for an abbreviated top-down analysis.   
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SECTION 3 
 


BACT LOOK-UP TABLES 
 
 
3.1 LISTING OF BACT LOOK-UP TABLES  
 
EQUIPMENT 
Adhesive Material Application Operations (<10 gal/day) 
Automotive Refinishing Operations (<5 gal/day) 
Automotive Refinishing Operations  
Boiler (<50 MM BTU/HR) 
Boiler (50 to <250 MM BTU/HR) 
Bulk Terminal Grain and Dry Chemical Transfer and Storage 
Coffee Roasters 
Concrete Batch Plants 
Fiberglass Manufacturing Line (<10 tons/yr) 
New Gasoline Service Station with Balance Phase II (>1,000,000 gal/yr)  RESERVED 
New Gasoline Service Station with Vacuum Assist Phase II (>1,000,000 gal/yr)  RESERVED 
General Surface Coating (<5 tons/yr) (No Specific Coating Category Rule Applies) 
Graphics Arts Operations (<15 tons/yr) 


Internal Combustion Engine - Non-Emerg. & Non-Cogen. Nat. Gas (Lean Burn) (≥2000 HP) 


Internal Combustion Engine - Non-Emerg. & Non-Cogen. Nat. Gas (Rich Burn) (≥200 HP) 
Internal Combustion Engine - Non-Emerg. & Non-Cogen. Diesel (200 HP – 750 HP) 
Internal Combustion Engine - Non-Emerg. & Non-Cogen. Diesel (<200 HP) 
Marine Coating Operations 
Metal Parts & Products Coating (<10 gal/day 
Pharmaceutical Manufacturing 
Rock Crushers & Transfer Points 
Sand, Rock & Aggregate Screens 
Wood Products Coating (<10 gal/day) 
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ADHESIVE MATERIAL APPLICATION OPERATIONS (<10 gal/day)   
Fee Schedules 27 U, V, & W 
 
Review the BACT Control Option listed below.  The applicant must propose the Control Option 
listed or perform a Top-down BACT Analysis as described in Section 4 to justify the selection of 
another Control Option.  The applicant will be required to provide documentation that the 
Control Option selected meets the requirements listed in the table.   
 
 VOC NOx SOx PM 
BACT 
Emission 
Rate Limit 


Not Determined (N/A) (N/A) Not Determined 


BACT 
Control 
Option  


Compliance with Rule 
67.21, Adhesive Material 
Application Operations 


(A/P) 


(N/A) (N/A) Spray booth if used, shall 
be equipped with over 


spray filters. 
(A/P) 


 
The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 
10 pounds per day for each pollutant in lieu of meeting the stated BACT requirement 
 
(This table does not apply to operations applying, on average, 10 or more gallons of adhesive 
application materials per day.) 
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AUTOMOTIVE REFINISHING OPERATIONS (<5 gal/day) 
Fee Schedule 27R 
 
Review the BACT Control Option listed below.  The applicant must propose the Control 
Option listed or perform a Top-down BACT Analysis as described in Section 4 to justify the 
selection of another Control Option.  The applicant will be required to provide documentation 
that the Control Option selected meets the requirements listed in the table.   
 
 VOC NOx SOx PM 
BACT 
Emission 
Rate Limit 


Not Determined (N/A) (N/A) Not Determined 


BACT 
Control 
Option  


Compliance with Rule 
67.20, Motor Vehicle and 


Mobile Equipment 
Refinishing Operations 


(A/P) 


(N/A) (N/A) Spray booth equipped with 
overspray filters. 


(A/P) 


 
 
The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 
10 pounds per day for each pollutant in lieu of meeting the stated BACT requirement. 
 
 
(This table does not apply to operations applying, on average, 5 or more gallons of coating 
per day.) 
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AUTOMOTIVE REFINISHING OPERATIONS 
Fee Schedule 27S 
 
The BACT Control Options which have been determined to be technologically feasible (T/F - 
demonstrated but not necessarily proven in field application) or have achieved the BACT 
emission rate limits in practice (A/P - demonstrated in use for the specific equipment category) 
are listed below.  The BACT Control Options are listed in descending order of control 
stringency.  If the top-listed T/F control option is proposed, no further analysis is required.  If the 
first T/F control option is not chosen, then the applicant must review and determine the cost-
effectiveness of each T/F control option in the order listed.  The first control option determined 
to be cost-effective must be installed to meet the BACT requirement.  A control option is 
considered cost-effective if the annualized cost of implementing that control option is equal to or 
less than the reference cost-effectiveness value for the same pollutant shown in Table 2-4.  If 
none of the T/F control options are determined to be cost-effective, the applicant must propose 
the A/P control option, propose an alternative technology that meets the BACT emission rate 
limit or perform a full Top-down BACT Analysis as described in Section 4.  The applicant is 
responsible for ensuring that the installed equipment meets the specified BACT Emission Rate 
Limit.  (See Section 2 for further guidance.) 
 
 VOC NOx SOx PM 
BACT 
Control 
Option 


Collection System Vented to 
Carbon Adsorber or 


Afterburner with coatings 
complying with Rule 67.20, 
Motor Vehicle and Mobile 


Equipment Refinishing 
Operations (T/F) 


BACT Emission Rate Limit - 
emissions controlled to overall 
capture/ destruction efficiency 


≥ 90% by weight


(N/A) (N/A) Spray booth equipped 
with overspray filters.


(A/P) 


BACT 
Control 
Option  


Compliance with Rule 67.20, 
Motor Vehicle and Mobile 


Equipment Refinishing 
Operations 


(A/P) 


(N/A) (N/A) Spray booth equipped 
with overspray filters.


(A/P) 


 
 
The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 
10 pounds per day for each pollutant in lieu of meeting the stated BACT requirement. 
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BOILER (<50 MM BTU/HR)  
Fee Schedule 13A 
 
Review the BACT Control Option listed below.  The applicant must propose the Control Option 
listed or perform a Top-down BACT Analysis as described in Section 4 to justify the selection of 
another Control Option.  The applicant will be required to provide documentation that the 
Control Option selected meets the requirements listed in the table.  
 


 VOC NOx SOx PM 
BACT 
Emission 
Rate Limit 


 
Not Determined 


12 PPM corrected to 
3% O2  NG or LPG 


 
Not Determined 


 
0.10 grain/dscf†


BACT 
Control 
Option 
(Using NG or 
LPG fuel only.) 


 
NG or LPG fuel 


(A/P) 


Low NOx burner, FGR, 
and oxygen controller. 


NG or LPG  
(A/P) 


 
NG or LPG fuel 


(A/P) 


 
NG or LPG fuel


(A/P) 


BACT 
Control 
Option 
(Using No. 2 oil 
as backup fuel.) 


(N/A) Low NOx burner, FGR, 
and oxygen controller. 


(A/P) 


No. 2 fuel oil 
with <0.05% 
sulfur content  


(A/P) 


Low ash fuel 
(A/P) 


 
 
The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 
10 pounds per day for each pollutant in lieu of meeting the stated BACT requirement. 
 
 
NOTES: 
FGR - Flue Gas Recirculation 
LPG - Liquefied Petroleum Gas 
NG - Natural Gas 
† The District has determined that the use of Natural Gas ensures compliance with the PM BACT 
Emission Rate Limit of 0.1 gr/dscf.  No further analysis is required for this pollutant. 
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BOILER (50 to <250 MM BTU/HR) 
Fee Schedule 13B
The BACT Control Options which have been determined to be technologically feasible (T/F - 
demonstrated but not necessarily proven in field application) or have achieved the BACT emission 
rate limits in practice (A/P - demonstrated in use for the specific equipment category) are listed 
below.  The BACT Control Options are listed in descending order of control stringency.  If the top-
listed T/F control option is proposed, no further analysis is required.  If the first T/F control option 
is not chosen, then the applicant must review and determine the cost-effectiveness of each T/F 
control option in the order listed.  The first control option determined to be cost-effective must be 
installed to meet the BACT requirement.  A control option is considered cost-effective if the 
annualized cost of implementing that control option is equal to or less than the reference cost-
effectiveness value for the same pollutant shown in Table 2-4.  If none of the T/F control options 
are determined to be cost-effective, the applicant must propose the A/P control option, propose an 
alternative technology that meets the BACT emission rate limit or perform a full Top-down BACT 
Analysis as described in Section 4.  The applicant is responsible for ensuring that the installed 
equipment meets the specified BACT Emission Rate Limit.  (See Section 2 for further guidance.)    


 VOC NOx SOx PM 
BACT 
Control 
Option 


NG or LPG 
fuel 


(A/P) 


SCR on NG or LPG fuel 


(duct burner may be required) 
(T/F) 


BACT Emission Rate Limit – 5 PPM 
corrected to 3% O2/NG or LPG 


NG or LPG 
fuel 


(A/P) 


NG or LPG fuel 
(A/P) 


BACT Emission 
Rate Limit - 0.10 


grain/dscf†


BACT 
Control 
Option 
(Using NG or 
LPG fuel 
only) 


NG or LPG 
fuel 


(A/P) 


Low NOx burner, FGR, and oxygen 
controller. 


NG or LPG 
(A/P) 


BACT Emission Rate Limit – 9 PPM 
corrected to 3% O2/NG or LPG. 


NG or LPG 
fuel 


(A/P) 


NG or LPG fuel 
(A/P) 


BACT Emission 
Rate Limit - 0.10 


grain/dscf†


BACT 
Control 
Option 
(Using No. 2 
oil as backup 
fuel.) 


(N/A) Low NOx burner, FGR, and oxygen 
controller. 


No. 2 fuel oil 
(A/P) 


BACT Emission Rate Limit – 9 PPM 
corrected to 3% O2 on NG or LPG.  Lowest 
achievable but no greater than 170 PPM 
corrected to 3% O2 on No. 2 fuel oil backup 


No. 2 fuel oil  
with < 0.05% 
sulfur content 


 
(A/P) 


Low ash fuel 
(A/P) 


BACT Emission 
Rate Limit - 0.10 


grain/dscf†


 


The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 10 
pounds per day for each pollutant in lieu of meeting the stated BACT requirement. 


NOTES: 
FGR - Flue Gas Recirculation LPG - Liquefied Petroleum Gas 
NG - Natural Gas SCR-Selective Catalytic Reduction 


† The District has determined that the use of Natural Gas ensures compliance with the PM BACT 
Emission Rate Limit of 0.1 gr/dscf.  No further analysis is required for this pollutant.  
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BULK TERMINAL GRAIN AND DRY CHEMICAL TRANSFER 
AND STORAGE 
Fee Schedule 23 A & B 
 
 
Review the BACT Control Option listed below.  The applicant must propose the Control Option 
listed or perform a Top-down BACT Analysis as described in Section 4 to justify the selection of 
another Control Option.  The applicant will be required to provide documentation that the 
Control Option selected meets the requirements listed in the table.   
 
 VOC NOx SOx PM* 
BACT 
Emission 
Rate Limit 


(N/A) (N/A) (N/A)  
< 0.01 grain/dscf 


(Subpart DD) 
BACT 
Control 
Option 


(N/A) (N/A) (N/A) 
99% control, storage, conveyors, elevators all vented 
to Baghouse 
 
0 percent opacity 


(A/P) 
 
 
 
The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 
10 pounds per day for each pollutant in lieu of meeting the stated BACT requirement. 
 
* The BACT emission rate limit is based on TSP which is used as a surrogate for PM10. 
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COFFEE ROASTERS  
Fee Schedule 50A 
 
Review the BACT Control Option listed below.  The applicant must propose the Control Option 
listed or perform a Top-down BACT Analysis as described in Section 4 to justify the selection of 
another Control Option.  The applicant will be required to provide documentation that the 
Control Option selected meets the requirements listed in the table.  


 
 VOC NOx SOx PM 


BACT Emission 
Rate Limit 


Not 
Determined 


Not Determined Not Determined Not Determined 


BACT Control 
Option 
 


Afterburner 
(0.3 sec 
retention 


time at 1200 
degrees F 


Natural gas with 
heat recovery on 


afterburner exhaust 
to reduce fuel 
consumption 


 
(A/P) 


Natural gas  
 
 
 
 
 


(A/P) 


Natural gas with 
cyclone and 


afterburner (0.3 
sec retention time 
at 1200 degrees F 


 
(A/P) 


 
 
The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less 
than 10 pounds per day for each pollutant in lieu of meeting the stated BACT requirement. 
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CONCRETE BATCH PLANTS 
Fee Schedule 08A  
 
Review the BACT Control Option listed below.  The applicant must propose the Control Option 
listed or perform a Top-down BACT Analysis as described in Section 4 to justify the selection of 
another Control Option.  The applicant will be required to provide documentation that the 
Control Option selected meets the requirements listed in the table.   
 
 VOC NOx SOx PM* 
BACT 
Emission 
Rate Limit 


(N/A) (N/A) (N/A) <0.008 grain/dscf 


BACT 
Control 
Option  


(N/A) (N/A) (N/A) 
99% efficient Fabric or Cartridge type vent filters on silos. 
 
Enclosed aggregate and cement weigh hoppers, screw 
conveyors and concrete batcher vented to a 99% efficient 
fabric filter baghouse. 
 
Flexible shroud which seals to the truck along with a water 
sprinkler system used when dry products are mixed. 
Shroud vented to 99% efficient fabric filter baghouse 
 
Water spray system for sand and aggregate transfer points. 
 
Sand and aggregate storage piles adequately wet to maintain 
a minimum moisture content of 4%  by weight. 
 
Open areas maintained adequately wet to prevent fugitive 
emissions in excess of 20 percent opacity or Ringlemann 1.


(A/P) 
 
The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 10 
pounds per day for each pollutant in lieu of meeting the stated BACT requirement. 
 
 
 
 
* The BACT emission rate limit is based on TSP which is used as a surrogate for PM10. 
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FIBERGLASS MANUFACTURING LINE (<10 tons/yr) 
Fee Schedule 27F 
 


Fiberglass Fabrication - Hand & spray layup 
 
Review the BACT Control Option listed below.  The applicant must propose the Control Option 
listed or perform a Top-down BACT Analysis as described in Section 4 to justify the selection of 
another Control Option.  The applicant will be required to provide documentation that the 
Control Option selected meets the requirements listed in the table.   
 
 VOC NOx SOx PM 
BACT 
Emission 
Rate Limit 


Not Determined (N/A) (N/A) Not Determined 


BACT 
Control 
Option  


Compliance with Rule 
67.12, Polyester Resin 


Operations. 
(A/P) 


(N/A) (N/A) Airless spray equipment & 
spray booth with mesh type 


filters. 
(A/P) 


 
 
The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 
10 pounds per day for each pollutant in lieu of meeting the stated BACT requirement. 
 
 
(This table does not apply to fiberglass operations which emit less than an average of five 
pounds of VOCs or greater than an average of 50 pounds of VOCs per operating day for each 
calendar month.)   
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NEW GASOLINE SERVICE STATIONS WITH BALANCE PHASE II 
SYSTEMS (>1,000,000 gal/yr throughput) 
Fee Schedule 26A 
 
 
 
RESERVED 
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NEW GASOLINE SERVICE STATIONS WITH VACUUM ASSIST 
PHASE II SYSTEMS (>1,000,000 gal/yr throughput)  
Fee Schedule 26F 
 
 
 
RESERVED 
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GENERAL SURFACE COATING (<5 tons/yr)  
 (No Specific Coating Category Rule Applies) 
Fee Schedule 27D 
 
Review the BACT Control Option listed below.  The applicant must propose the Control Option 
listed or perform a Top-down BACT Analysis as described in Section 4 to justify the selection of 
another Control Option.  The applicant will be required to provide documentation that the 
Control Option selected meets the requirements listed in the table.   
 
 VOC NOx SOx PM 
BACT 
Emission 
Rate Limit 


Not Determined (N/A) (N/A) Not Determined 


BACT 
Control 
Option  


Coatings with lower than 
typical VOC content 


[substrate specific] and 
aqueous or non-VOC 
surface preparation 


materials 
or


use of HVLP, electrostatic 
spray or equivalent 


application equipment. 
(A/P) 


(N/A) (N/A) Spray booth equipped with 
overspray filters. 


 
 


(A/P) 


 
 
The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 
10 pounds per day for each pollutant in lieu of meeting the stated BACT requirement. 
 
 
(This table does not apply to operations applying, on average, 10 or more gallons of coating 
per day.) 
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GRAPHIC ARTS OPERATIONS (<15 tons/year) 
Fee Schedule 27 N 
 
Review the BACT Control Option listed below.  The applicant must propose the Control Option 
listed or perform a Top-down BACT Analysis as described in Section 4 to justify the selection of 
another Control Option.  The applicant will be required to provide documentation that the 
Control Option selected meets the requirements listed in the table.   
 
 VOC NOx SOx PM 
BACT 
Emission Rate 
Limit 


Not Determined (N/A) (N/A) Not 
Determined 


BACT Control 
Option  


1. Use of low VOC fountain solution 
(< 6% VOC by volume), 


 
2. Capture & recycle blanket and 


roller tray wash, 
 
3. Use of cleanup solvent which has 


either less than 200 grams VOC 
per liter or vapor pressure of less 
than 5 mm HG at 20oC, and 


 
4. Use of inks which are 


kerosene-like oil based which 
have a VOC content of less 
than 300 grams per liter (2.5 
lb/gal). 


 
(A/P) 


(N/A) (N/A) (N/A) 
 


 
The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 
10 pounds per day for each pollutant in lieu of meeting the stated BACT requirement. 
 
 
 
(This table does not apply to operations emitting ≥15 tons VOC/year.) 
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INTERNAL COMBUSTION ENGINE, PISTON TYPE  
NON-EMERGENCY & NON-COGENERATION -  
NATURAL GAS FUEL (LEAN BURN) (>2000 H.P.) - Fee Schedule 34D 
 
The BACT Control Options which have been determined to be technologically feasible (T/F - 
demonstrated but not necessarily proven in field application) or have achieved the BACT 
emission rate limits in practice (A/P - demonstrated in use for the specific equipment category) 
are listed below.  The BACT Control Options are listed in descending order of control 
stringency.  If the top-listed T/F control option is proposed, no further analysis is required.  If the 
first T/F control option is not chosen, then the applicant must review and determine the cost-
effectiveness of each T/F control option in the order listed.  The first control option determined 
to be cost-effective must be installed to meet the BACT requirement.  A control option is 
considered cost-effective if the annualized cost of implementing that control option is equal to or 
less than the reference cost-effectiveness value for the same pollutant shown in Table 2-4.  If 
none of the T/F control options are determined to be cost-effective, the applicant must propose 
the A/P control option, propose an alternative technology that meets the BACT emission rate 
limit or perform a full Top-down BACT Analysis as described in Section 4.  The applicant is 
responsible for ensuring that the installed equipment meets the specified BACT Emission Rate 
Limit.  (See Section 2 for further guidance.)    


Natural Gas Fuel1: 
 VOC NOx SOx PM 


BACT 
Control 
Option 2


Lean burn 
technology (T/F) 


 
BACT Emiss


Rate Limit – 0.6 
grams/ bhp-hr 


Lean burn with selective 
catalytic reduction  (SCR) 


(T/F) 
BACT Emission Rate 


Limit- 0.07grams/ bhp-hr


Low Sulfur 
Fuel 10 


grains/100 cf 
natural gas  


(A/P) 


PCV filter, engine 
design 
(A/P) 


BACT Emission
Rate Limit - 0.1 


grams/ bhp-hr 
BACT 
Control 
Option 


Lean Burn 
Technology  


(A/P) 
BACT Emission 
Rate Limit – 1.0 


grams/ bhp-hr 


Lean Burn with selective 
catalytic reduction (SCR)   


(A/P) 
BACT Emission 


Rate Limit – 0.15 grams/ 
bhp-hr 


Low Sulfur 
Fuel 10 


grains/100 cf 
natural gas  


(A/P) 


PCV filter, engine 
design 
(A/P) 


BACT Emission
Rate Limit - 0.1 


grams/ bhp-hr 
 


The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 
10 pounds per day for each pollutant in lieu of meeting the stated BACT requirement. 
 


1  This table does not apply to gasoline-powered engines 
2  Electric motors need not be considered as a control option for:   
 (a)  Engines at stationary sources located more than 1/2 mile from utility service lines,  
 (b)  Engines located at any site and providing direct or electrical power for a non-repeating activity 


or process which requires no more than 3,000 hours of engine operation. 
 (c)  Engines mounted on moving equipment, such as cranes or drills, which are required to move 


around the facility during each workday as a function of that equipments purpose. 
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INTERNAL COMBUSTION ENGINE, PISTON TYPE  
NON-EMERGENCY & NON-COGENERATION -  
NATURAL GAS FUEL (RICH BURN) (≥200 H.P.) - Fee Schedule 34D 
 
The BACT Control Options which have been determined to be technologically feasible (T/F - 
demonstrated but not necessarily proven in field application) or have achieved the BACT 
emission rate limits in practice (A/P - demonstrated in use for the specific equipment category) 
are listed below.  The BACT Control Options are listed in descending order of control 
stringency.  If the top-listed T/F control option is proposed, no further analysis is required.  If the 
first T/F control option is not chosen, then the applicant must review and determine the cost-
effectiveness of each T/F control option in the order listed.  The first control option determined 
to be cost-effective must be installed to meet the BACT requirement.  A control option is 
considered cost-effective if the annualized cost of implementing that control option is equal to or 
less than the reference cost-effectiveness value for the same pollutant shown in Table 2-4.  If 
none of the T/F control options are determined to be cost-effective, the applicant must propose 
the A/P control option, propose an alternative technology that meets the BACT emission rate 
limit or perform a full Top-down BACT Analysis as described in Section 4.  The applicant is 
responsible for ensuring that the installed equipment meets the specified BACT Emission Rate 
Limit.  (See Section 2 for further guidance.)    
 
Natural Gas Fuel1: 
  VOC NOx SOx PM 
BACT 
Control 
Option 2


Rich burn with non-
selective catalytic 
reduction (NSCR) 


(T/F) 
BACT Emission 
Rate Limit – 0.15 


grams/ bhp-hr 


Rich burn with non-
selective catalytic 
reduction (NSCR) 


(T/F) 
BACT Emission Rate 


Limit – 0.07 grams/ 
bhp-hr 


Low Sulfur 
Fuel 10 


grains/100 cf 
natural gas  


(A/P) 


PCV filter, engine 
design 
(A/P) 


BACT Emissi
Rate Limit - 0.1 


grams/ bhp-hr 
BACT 
Control 
Option  


All Rich Burn 
(A/P) 


 
BACT Emission 
Rate Limit – 0.15 


grams/ bhp-hr 


Rich Burn with non-
selective catalytic 
reduction (NSCR) 
BACT Emission 
Rate Limit – 0.15 


grams/ bhp-hr 


Low Sulfur 
Fuel 10 


grains/100 
cf natural 


gas  
 


(A/P) 


PCV filter, engine 
design 
(A/P) 


BACT Emission 
Rate Limit - 0.1 


grams/bhp-hr 


 


The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 10 
pounds per day for each pollutant in lieu of meeting the stated BACT requirement. 
 
1  This table does not apply to gasoline powered engines 
2  Electric motors need not be considered as a control option for:   
 (a)  Engines at stationary sources located more than 1/2 mile from utility service lines,  
 (b)  Engines located at any site and providing direct or electrical power for a non-repeating 


activity or process which requires no more than 3,000 hours of engine operation. 
 (c)  Engines mounted on moving equipment, such as cranes or drills, which are required to move around 


the facility during each workday as a function of that equipments purpose. 
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INTERNAL COMBUSTION ENGINE, PISTON TYPE  
NON-EMERGENCY & NON-COGENERATION - DIESEL FUEL 
(200 H.P.-750 H.P.) - Fee Schedule 34D 
The BACT Control Options which have been determined to be technologically feasible (T/F - 
demonstrated but not necessarily proven in field application) or have achieved the BACT emission rate 
limits in practice (A/P - demonstrated in use for the specific equipment category) are listed below.  The 
BACT Control Options are listed in descending order of control stringency.  If the top-listed T/F control 
option is proposed, no further analysis is required.  If the first T/F control option is not chosen, then the 
applicant must review and determine the cost-effectiveness of each T/F control option in the order listed.  
The first control option determined to be cost-effective must be installed to meet the BACT requirement.  
A control option is considered cost-effective if the annualized cost of implementing that control option is 
equal to or less than the reference cost-effectiveness value for the same pollutant shown in Table 2-4.  If 
none of the T/F control options are determined to be cost-effective, the applicant must propose the A/P 
control option, propose an alternative technology that meets the BACT emission rate limit or perform a 
full Top-down BACT Analysis as described in Section 4.  The applicant is responsible for ensuring that 
the installed equipment meets the specified BACT Emission Rate Limit.  (See Section 2 for further 
guidance.)    


Diesel: 
 VOC NOx SOx PM4


BACT 
Control 
Option 1,2


 
Oxidation 
Catalyst 


(T/F) 


California Clean diesel fuel and 
Selective Catalytic Reduction 


(SCR)3    (T/F) 
 


BACT Emission 
Rate Limit – 90 % reduction 


Low Sulfur 
Fuel 


(California 
Clean Diesel 


fuel) 0.05 % by 
weight   


 
(A/P) 


Catalyst guard bed, PCV 
filter, engine design, diesel 
catalytic particulate filter  


(T/F) 
 


BACT Emission  
Rate Limit - 90 % 


reduction of uncontrolled 
particulate matter emission


BACT 
Control 
Option2


California Clean 
diesel fuel and  
EPA or ARB 


certified engine   
(A/P) 


 


California Clean Diesel fuel and 
Turbocharger, Low Temperature 
Aftercooler, and Retardation of 
Fuel Injection Timing 4 Degrees 


from manufacturer's specification, 
EPA or ARB certified engine.    


(A/P) 
BACT Emission  


Rate Limit - 6.9 grams/ bhp-hr 


Low Sulfur 
Fuel 


(California 
Clean Diesel 


fuel) 0.05 % by 
weight   


 
(A/P) 


Low Sulfur Fuel 
(California Clean  


Diesel fuel) 
and PCV filter  


(A/P) 
 BACT Emission 
Rate Limit - 0.1 


grams/ bhp-hr 
 


The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 10 pounds 
per day for each pollutant in lieu of meeting the stated BACT requirement. 
1Alternative controls for consideration include:  gaseous fuel with NSCR or lean burn configuration or the use of 
electric motors using electricity from the serving utility. 
     Electric motors need not be considered as a control option for:   
 (a)  Engines at stationary sources located more than 1/2 mile from utility service lines,  
 (b)  Engines located at any site and providing direct or electrical power for a non repeating activity or 


process which requires no more than 3,000 hours of engine operation. 
(c) Engines mounted on moving equipment, such as cranes or drills, which are required to move around 


the facility during each work day as a function of that equipments purpose. 
2 For engines from 300 to 600 bhp, the use of Tier II certified engine need not be considered as a control option if 
demonstrated not to be cost-effective. 
3SCR may be cost-effective for units with an uncontrolled potential to emit greater than 10 tons per year 
4This table addresses BACT.  Further particulate controls may be required as T-BACT pursuant to Rule 1200 or a  
 State Air Toxics Control Measure for Diesel Particulates. 
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INTERNAL COMBUSTION ENGINE, PISTON TYPE  
NON-EMERGENCY & NON-COGENERATION - DIESEL FUEL 
(<200 H.P.) - Fee Schedule 34G 
 
The BACT Control Options which have been determined to be technologically feasible (T/F - 
demonstrated but not necessarily proven in field application) or have achieved the BACT 
emission rate limits in practice (A/P - demonstrated in use for the specific equipment category) 
are listed below.  The BACT Control Options are listed in descending order of control 
stringency.  If the top-listed T/F control option is proposed, no further analysis is required.  If the 
first T/F control option is not chosen, then the applicant must review and determine the cost-
effectiveness of each T/F control option in the order listed.  The first control option determined 
to be cost-effective must be installed to meet the BACT requirement.  A control option is 
considered cost-effective if the annualized cost of implementing that control option is equal to or 
less than the reference cost-effectiveness value for the same pollutant shown in Table 2-4.  If 
none of the T/F control options are determined to be cost-effective, the applicant must propose 
the A/P control option, propose an alternative technology that meets the BACT emission rate 
limit or perform a full Top-down BACT Analysis as described in Section 4.  The applicant is 
responsible for ensuring that the installed equipment meets the specified BACT Emission Rate 
Limit.  (See Section 2 for further guidance.)    
 
Diesel: 
 VOC NOx SOx PM 
BACT 
Emission 
Rate Limit 


1.5 grams/ bhp-hr 6.9 grams/ bhp-hr  0.40 grams/ bhp-
hr 


BACT 
Control 
Option 1  


California Clean 
diesel fuel;  


Engine design,  
(A/P) 


California Clean diesel fuel;   
Turbocharger, Aftercooler, Air to 
Air Intercooler (or air to water) 


and Retardation of Fuel Injection 
Timing 4 Degrees from 


Manufacturers Specification    
(A/P)  


Low Sulfur 
Fuel 0.05 % 
by weight  


(A/P) 


Low Sulfur Fuel 
 and PCV filter  


(A/P)  


 
The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 10 pounds 
per day for each pollutant in lieu of meeting the stated BACT requirement. 
 
1Alternative controls for consideration include:  gaseous fuel with NSCR or lean burn configuration or the use of 
electric motors using electricity from the serving utility. 
     Electric motors need not be considered as a control option for:   
 (a)  Engines at stationary sources located more than 1/2 mile from utility service lines,  
 (b)  Engines located at any site and providing direct or electrical power for a non repeating activity or 


process which requires no more than 3,000 hours of engine operation. 
 (c)  Engines mounted on moving equipment, such as cranes or drills, which are required to move around 


the facility during each work day as a function of that equipment’s purpose. 
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MARINE COATING OPERATIONS 
Fee Schedules 27A, B, & C 
The BACT Control Options which have been determined to be technologically feasible (T/F - 
demonstrated but not necessarily proven in field application) or have achieved the BACT 
emission rate limits in practice (A/P - demonstrated in use for the specific equipment category) 
are listed below.  The BACT Control Options are listed in descending order of control 
stringency.  If the top-listed T/F control option is proposed, no further analysis is required.  If the 
first T/F control option is not chosen, then the applicant must review and determine the cost-
effectiveness of each T/F control option in the order listed.  The first control option determined 
to be cost-effective must be installed to meet the BACT requirement.  A control option is 
considered cost-effective if the annualized cost of implementing that control option is equal to or 
less than the reference cost-effectiveness value for the same pollutant shown in Table 2-4.  If 
none of the T/F control options are determined to be cost-effective, the applicant must propose 
the A/P control option, propose an alternative technology that meets the BACT emission rate 
limit or perform a full Top-down BACT Analysis as described in Section 4.  The applicant is 
responsible for ensuring that the installed equipment meets the specified BACT Emission Rate 
Limit.  (See Section 2 for further guidance.)  


 VOC NOx SOx PM 
BACT 
Emission 
Rate Limit 


For operations ≥10 gallons/day and 
feasible to apply coatings in a paint spray 
booth:  Collection system vented to carbon 
adsorber or afterburner with coatings 
complying with Rule 67. 18 - Marine 
Coating Operations (T/F) 
BACT Emission Rate Limit - emissions 
controlled to overall capture/ destruction 
efficiency > 90% by weight.


(N/A) (N/A) 
Spray booth 
if used, shall 
be equipped 


with 
overspray 


filters. 
 


(A/P)


BACT 
Control 
Option  


For operations emitting <140 lbs of VOC 
emissions/day, and not feasible to apply 
coatings in a paint spray booth:  
Compliance with Rule 67.18 - Marine 
Coating Operations, except for the VOC 
content of the following coating categories 
with mil spec requirements: 
Coating      VOC 
Category Limit (g/L) 
High Temperature Coating 420 
Low Activation Interior Coating 340 


(A/P) 


  High 
transfer 


efficiency 
application 
equipment 


where 
feasible and 
shrouding. 


 
 


(A/P) 


 
The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 10 pounds 
per day for each pollutant in lieu of meeting the stated BACT requirement. 


(This table does not apply to operations emitting, on average, 140 or more pounds of VOC 
per day conducted outside of a paint spray booth.) 
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METAL PARTS & PRODUCTS COATING (<10 gal/day) 
Fee Schedules 27J and 27K 
 
Review the BACT Control Option listed below.  The applicant must propose the Control Option 
listed or perform a Top-down BACT Analysis as described in Section 4 to justify the selection of 
another Control Option.  The applicant will be required to provide documentation that the 
Control Option selected meets the requirements listed in the table.   
 
 
 VOC NOx SOx PM 
BACT 
Emission 
Rate Limit 


Not Determined (N/A) (N/A) Not Determined 


BACT 
Control 
Option  


Compliance with Rule 67.3, 
Metal Parts & Products 


Coating Operations. 
(A/P) 


(N/A) (N/A) Spray booth equipped with 
overspray filters. 


(A/P) 


 
 
The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 
10 pounds per day for each pollutant in lieu of meeting the stated BACT requirement. 
 
 
(This table does not apply to operations applying, on average, 10 or more gallons of coating 
per day.) 
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PHARMACEUTICAL MANUFACTURING 
Fee Schedule 54A 
 
The BACT Control Options which have been determined to be technologically feasible (T/F - 
demonstrated but not necessarily proven in field application) or have achieved the BACT 
emission rate limits in practice (A/P - demonstrated in use for the specific equipment category) 
are listed below.  The BACT Control Options are listed in descending order of control 
stringency.  If the top-listed T/F control option is proposed, no further analysis is required.  If the 
first T/F control option is not chosen, then the applicant must review and determine the cost-
effectiveness of each T/F control option in the order listed.  The first control option determined 
to be cost-effective must be installed to meet the BACT requirement.  A control option is 
considered cost-effective if the annualized cost of implementing that control option is equal to or 
less than the reference cost-effectiveness value for the same pollutant shown in Table 2-4.  If 
none of the T/F control options are determined to be cost-effective, the applicant must propose 
the A/P control option, propose an alternative technology that meets the BACT emission rate 
limit or perform a full Top-down BACT Analysis as described in Section 4.  The applicant is 
responsible for ensuring that the installed equipment meets the specified BACT Emission Rate 
Limit.  (See Section 2 for further guidance.) 
 
 VOC NOx SOx PM 
BACT 
Control 
Option 


Collection System Vented to 
Carbon Adsorber or 
Afterburner (T/F) 


BACT Emission Rate Limit - 
emissions controlled to overall 
capture/ destruction efficiency 


≥ 90% by weight


(N/A) (N/A) Baghouse or Vent 
Filters. 


 
(A/P) 


BACT 
Control 
Option  


Low VOC content materials 
 


(A/P) 


(N/A) (N/A) Baghouse or Vent 
Filters. 


 
(A/P) 


 
 
The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 
10 pounds per day for each pollutant in lieu of meeting the stated BACT requirement. 
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ROCK CRUSHERS & TRANSFER POINTS 
Fee Schedule 07A & 07B 
 
The BACT Control Options which have been determined to be technologically feasible (T/F - 
demonstrated but not necessarily proven in field application) or have achieved the BACT 
emission rate limits in practice (A/P - demonstrated in use for the specific equipment category) 
are listed below.  The BACT Control Options are listed in descending order of control stringency.  
If the top-listed T/F control option is proposed, no further analysis is required.  If the first T/F 
control option is not chosen, then the applicant must review and determine the cost-effectiveness 
of each T/F control option in the order listed.  The first control option determined to be cost-
effective must be installed to meet the BACT requirement.  A control option is considered cost-
effective if the annualized cost of implementing that control option is equal to or less than the 
reference cost-effectiveness value for the same pollutant shown in Table 2-4.  If none of the T/F 
control options are determined to be cost-effective, the applicant must propose the A/P control 
option, propose an alternative technology that meets the BACT emission rate limit or perform a 
full Top-down BACT Analysis as described in Section 4.  The applicant is responsible for 
ensuring that the installed equipment meets the specified BACT Emission Rate Limit.  (See 
Section 2 for further guidance.) 
 
 VOC NOx SOx PM* 
BACT Emission 
Rate Limit 


(N/A) (N/A) (N/A) < 0.02 grain/dscf 


BACT Control 
Option  


(N/A) (N/A) (N/A) Charged fog sprays 
(T/F) 


BACT Control 
Option  


(N/A) (N/A) (N/A) Covered screen, covered crusher, or covered 
transfer point vented to insertable or central 
fabric filter 


(A/P) 
BACT Control 
Option 


(N/A) (N/A) (N/A) Covered screen, covered crusher, or covered 
transfer point  with water spray system and 
surfactant added 


(A/P) 
BACT Control 
Option  


(N/A) (N/A) (N/A) Water spray system with surfactant 
(A/P) 


BACT Control 
Option 


(N/A) (N/A) (N/A) Water spray system 
(A/P) 


 
The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 10 pounds 
per day for each pollutant in lieu of meeting the stated BACT requirement. 


 
* The BACT emission rate limit is based on TSP which is used as a surrogate for PM10. 
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SAND, ROCK & AGGREGATE SCREENS 
Fee Schedule 06A 
 
Review the BACT Control Option listed below.  The applicant must propose the Control Option 
listed or perform a Top-down BACT Analysis as described in Section 4 to justify the selection of 
another Control Option.  The applicant will be required to provide documentation that the 
Control Option selected meets the requirements listed in the table.   
 
 VOC NOx SOx PM* 
BACT 
Emission 
Rate Limit 


(N/A) (N/A) (N/A) < 0.02 grain/dscf 


BACT 
Control 
Option 


(N/A) (N/A) (N/A) Water spray system 
(A/P) 


 
 
The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 
10 pounds per day for each pollutant in lieu of meeting the stated BACT requirement. 
 
* The BACT emission rate limit is based on TSP which is used as a surrogate for PM10. 
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WOOD PRODUCTS COATING (<10 gal/day) 
Fee Schedules 27L, 27M and 27Q1


 
Review the BACT Control Option listed below.  The applicant must propose the Control Option 
listed or perform a Top-down BACT Analysis as described in Section 4 to justify the selection of 
another Control Option.  The applicant will be required to provide documentation that the 
Control Option selected meets the requirements listed in the table.   
 
 VOC NOx SOx PM 
BACT 
Emission 
Rate Limit 


Not Determined (N/A) (N/A) Not Determined


BACT 
Control 
Option  
(A/P) 


Use of water-based coatings when 
compatible with the operation and 


compliance with all other 
provisions of Rule 67.11, Wood 
Products Coating Operations for 


the rest of the operation. 
(A/P) 


(N/A) (N/A) Spray booth 
equipped with 


overspray filters.
(A/P) 


 
 
The applicant may choose to limit the Potential to Emit (PTE) from the equipment to less than 
10 pounds per day for each pollutant in lieu of meeting the stated BACT requirement. 
 
 
(This table does not apply to operations applying, on average, 10 or more gallons of coating 
per day.)  
 


                                                 
1  27L (Sources/facilities <5 tons per year VOC emissions), 27M (Sources/facilities >5 tons per year VOC 
emissions), and 27Q (<500 gallons per year) 
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SECTION 4 
 


TOP-DOWN BACT ANALYSIS 
 
 
4.1 INTRODUCTION 
This section presents an alternate procedure for determining the BACT Emission Rate and/or 
BACT Control Option when: 


1) no applicable BACT Look-up Table is available in Section 3, or  
2) the applicant elects to propose a less stringent BACT Emission Rate than the value provided 


in the applicable BACT Look-up Table, or 
3) the applicant elects to propose a less stringent BACT Control Option than the options listed 


in the applicable BACT Look-up Table, or 
4) the applicant elects not to use limiting permit conditions to meet the required BACT 


Emission Rate. 
 


Any permit application which proposes an emissions increase for a new, modified, relocated, or 
replacement emission unit which emits or has the potential to emit 10 lbs/day or more, must 
conduct a BACT analysis.  If a Section 3 BACT Control Option or equivalent control/reduction 
measure is not proposed, a top-down BACT analysis is required to determine an acceptable 
BACT Control Option. 
 
A top-down BACT analysis requires a comprehensive listing and evaluation of all available 
emission control technologies to determine which technologies will meet the BACT requirement.  
This requires more documentation and effort from both the applicant and District to evaluate, but 
allows for consideration of project-specific factors.  The top-down analysis and requirements for 
supporting documentation are discussed in the pre-application meeting.  This analysis should not 
be performed without first consulting the District Engineering Division at (858) 586-2600.   
 
The case-by-case top-down BACT analysis described in this Section is generally performed by 
the applicant or a consultant.  For each case-by-case BACT analysis, the quantity of reduced 
emissions and the costs associated with each control technology is evaluated by the applicant to 
determine the most effective control method which is cost-effective.   The District will review 
the BACT analysis and provide a formal BACT determination for each application.  
 
Based on the top-down BACT analysis, the District specifies an emission limitation, 
performance requirement or some other appropriate limitation for the emission unit.  These 
limitations reflect the maximum degree of emission reduction achievable for each pollutant 
subject to BACT.  A technology cannot be approved if it would violate any District rule, 
regulation or applicable standard of performance under 40 CFR Part 60 (New Source 
Performance Standards) or Part 61 and Part 63 (National Emission Standards for Hazardous Air 
Pollutants). 
 
In brief, a top-down BACT analysis requires the identification of all available emission control 
technologies for each pollutant to which BACT is applicable.  To be considered BACT, a control 
technology does not have to be proven in field application.  The control technologies are then 
ranked in descending order of control efficiency and evaluated for technological feasibility.  
Starting with the most stringent control that is technologically feasible, the cost-effectiveness of 
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the control is calculated.  The most stringent, or "top" control technology which is technologi-
cally feasible and cost-effective (as defined in Table 2.3) will be considered BACT.    
 
 
4.2 SUMMARY OF TOP-DOWN BACT ANALYSIS PROCESS 
This section is intended to be a summary only.  The EPA Technology Transfer Network is one 
source of the detailed top-down BACT analysis process.  Alternatively, the applicant can contact 
the District's Engineering Division. 
 
Step 1: Identify All Control Technologies  
The first step in a top-down BACT analysis is to identify all of the control options available for 
the emissions unit, process or activity.  These include air pollution control technologies or tech-
niques that can be obtained through commercial channels, such as the application of production 
processes or available methods, systems and techniques, including fuel cleaning/treatment or 
innovative fuel combustion techniques for control of a specific pollutant.  This includes tech-
nologies employed outside of the United States.  In some cases, lower-polluting processes may 
also be considered an available control option for BACT.  The control options evaluated should 
also include controls applied to similar source categories or gas streams, and innovative control 
technologies.  Technologies required under lowest achievable emission rate (LAER) must also 
be included as control alternatives.  LAER technologies usually represent the most stringent 
emission control alternatives.  References to LAER technology determinations are available at 
the District.  However, the cost-effectiveness criteria for BACT is still applied to all control 
alternatives. 
 
If the applicant chooses the "top" control option, it is not necessary to provide information on 
other alternatives.  In this event, the applicant should simply document that the option chosen is 
the most stringent. 
 
As the BACT analysis proceeds, options may be eliminated from consideration if they are 
demonstrated to be technically infeasible (including unacceptable energy or environmental 
impacts which make the control option infeasible) or not cost-effective on a case-by-case basis.  
However, all control options for the emissions unit under review should initially be identified. 
 
Step  2: Eliminate Technically Infeasible Options 
In the second step, the applicant should evaluate the technical feasibility of the control options 
identified in Step 1.  Technically infeasible control options are eliminated from further consid-
eration in the BACT analysis.  For a control option to be deemed technically infeasible, the 
applicant must provide clear documentation of the technical difficulties based on physical, 
chemical and good engineering principles.  Unacceptable and unmitigable energy and environ-
mental impacts may also be considered in determining whether a control option is technically 
feasible. 
 
For example, in cases where the control efficiency is not expected to be achieved in practice, 
supporting documentation showing why it is technically infeasible should be provided to 
eliminate that control efficiency (but not necessarily the technology) from further consideration.  
However, District specification of a certain technology or emission rate on a permit for a like 
emission unit may demonstrate that the specified control is technically feasible. 
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Step  3: Rank Remaining Technologies by Control Effectiveness 
The applicant should rank the remaining technically feasible control alternatives by control 
efficiency, starting with the most stringent control alternative at the top of the list.  A separate 
list is required for each pollutant and emission unit (or grouping of similar units) that is subject 
to a BACT analysis.  The list should include the following information for each alternative: 
 


• control efficiencies (percentage pollutant removed); 
• expected emission rate (tons per year, pounds per hour); 
• expected emissions reduction (tons per year); 


 
Step  4: Determine the Cost-effective Values of the Most Efficient Controls 
After identifying the technically feasible control options, the applicant should determine the 
cost-effectiveness of the most stringent control alternative.  If the cost-effectiveness value is 
higher than the value found in Table 2.3, then the next most stringent control alternative is 
evaluated.  This process proceeds until a cost-effective control technology is determined.  The 
control technology which achieves the highest control efficiency and is cost-effective would be 
considered BACT.   
 
Step  5: Select BACT 
In the final step, the applicant proposes the most stringent remaining control option that has been 
evaluated as cost-effective for the pollutant and emission unit under review as BACT.   
 
In the event that the most stringent control option which is technically feasible and cost-effective 
is not chosen, the applicant must justify this decision.  The next most stringent alternative in the 
listing is then evaluated.   
 
The applicant should submit the complete BACT analysis to the District for review.  The 
analysis should include a list of all technologies that were considered, an explanation of why a 
control technology was determined to be technologically infeasible, the control efficiencies and 
cost-effectiveness (annualized dollars/tons per year of emissions reduced) of each technology 
evaluated, a statement proposing a specific technology as BACT and any other supporting 
documentation.  
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APPENDIX A 
 
 


REFERENCES 
 
CALIFORNIA AIR POLLUTION CONTROL OFFICERS ASSOCIATION (CAPCOA), A 


Compilation of California BACT Determinations Received by the CAPCOA BACT 
Clearinghouse (Second Edition), Stationary Source Division, California Air Resources 
Board, California Environmental Protection Agency.  


 
 
SAN JOAQUIN VALLEY UNIFIED AIR POLLUTION CONTROL DISTRICT, Best Available 


Control Technology Clearinghouse, Permit Services Division.  
 
 
SOUTH COAST AIR QUALITY MANAGEMENT DIVISION, Best Available Control 


Technology (BACT) Guidelines,  Office of Operations, Engineering Division.   
 
 
U.S. ENVIRONMENTAL PROTECTION AGENCY, RACT/BACT/LAER Clearinghouse: A 


Compilation of Control Technology Determinations, Office of Air Quality Planning and 
Standards.   
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APPENDIX B 
 
 
 
LIST OF COMMONLY USED ACRONYMS 
 
A/C Authority to Construct 
A/P Achieved in Practice 
APCD Air Pollution Control District 
ARB Air Resources Board 
BACT Best Available Control Technology 
BTU British Thermal Units 
CAA Clean Air Act 
CAPCOA California Air Pollution Control Officers Association 
CFR Code of Federal Regulations 
CO Carbon Monoxide 
EPA Environmental Protection Agency 
FGR Flue Gas Recirculation 
I.C. Engine Internal Combustion Engine 
LAER Lowest Achievable Emission Rate 
NG Natural Gas 
NOx Oxides of Nitrogen 
NSR New Source Review 
PM Particulate Matter 
P/O Permit to Operate 
RACT Reasonably Achievable Control Technology 
SCAQMD South Coast Air Quality Management District 
SOx Oxides of Sulfur 
T/F Technologically Feasible 
VOC Volatile Organic Compound 
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APPENDIX C 
 
GLOSSARY OF TERMS 
 


Emission Unit means any article, machine, equipment, contrivance, process or process 
line, which emit(s) or reduce(s) or may emit or reduce the emission of any air 
contaminant. 


 
New Emission Unit means any of the following: 


 
(i) Any emission unit not constructed or installed in San Diego County as of 


December 17, 1997, or which was constructed, installed or operated without a 
valid Authority to Construct or Permit to Operate from the District, except as 
provided for in Rule 20.1 Subsection (b)(1). 


 
(ii) Any emission unit which was inactive for a one-year period or more and which 


did not hold a valid Permit to Operate during that period. 
 


NSR Rules are the District New Source Review Rules, Rules 20.1 through 20.8. 
 
Potential to Emit means the maximum quantity of air contaminant emissions, including 


fugitive emissions, that an emission unit is capable of emitting or permitted to emit, 
calculated pursuant to Rule 20.1 Section (d). 
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Navajo Generating Station Cost Analysis submitted by Salt River Project (SRP), generated by Sargent and Lundy
Unit 1
Bituminous Coal, 750 MW, Pulverized Coal. Tangential-Fired
Hot Side ESP, Wet FGD
Cost estimates from the Salt River Project, Navajo Generating Station - Units 1, 2, 3, SCR and Baghouse Capital Cost Estimate Report, Revision D, August 17, 2010.


Capital Cost
S&L/SRP 
Calculated Cost EPA Revised Cost Comments


SCR


Demolition $386,503 $386,503


Demolition is not listed as a separate line item in the EPA control Cost Manual for SCR, however the cost is generally 
included in the retrofit factor for the SCR capital cost.  Demolition for the Navajo facility involves the demolition of 
the existing flue and the installation of the new flues and blanking plates.  Therefore this cost was included in the 
revised cost.


Civil Work (Earthwork & Caissons) $1,232,247 $1,232,247
The cost for civil work is included in the EPA Control Cost Manual in the calculation of the direct capital cost of the 
SCR (Eq. 2.36).  Therefore, this cost was included in the revised cost.


Concrete $3,011,247 $3,011,247
The cost for concrete work is included in the EPA Control Cost Manual in the calculation of the direct capital cost of 
the SCR (Eq. 2.36).  Therefore, this cost was included in the revised cost.


Steel, Ductwork & SCR Box $29,495,996 $29,495,996
The cost for the steel, ductwork, and SCR box are included in the EPA Control Cost Manual in the calculation of the 
direct capital cost of the SCR (Eq. 2.36).  Therefore, this cost was included in the revised cost.


Architectural (Elevators, Painting) $23,209 $23,209
The cost for architectural services are included in the EPA Control Cost Manual in the calculation of the direct capital 
cost of the SCR (Eq. 2.36).  Therefore, this cost was included in the revised cost.


Mechanical Equipment (Fan rotating assembly 
for SCR alone cases) $10,780,458 $10,780,458


The cost of the mechanical equipment is included in the EPA Control Cost Manual in the calculation of the direct 
capital cost of the SCR (Eq. 2.36).  Therefore, this cost was included in the revised cost.


Anhydrous Ammonia System $416,576 $416,576
The cost of the anhydrous ammonia system is included in the EPA Control Cost Manual in the calculation of the 
direct capital cost of the SCR (Eq. 2.36).  Therefore, this cost was included in the revised cost.


Piping $527,082 $527,082
The cost of piping included in the EPA Control Cost Manual in the calculation of the direct capital cost of the SCR (Eq. 
2.36).  Therefore, this cost was included in the revised cost.


Insulation $4,512,662 $4,512,662
The cost of insulation is included in the EPA Control Cost Manual in the calculation of the direct capital cost of the 
SCR (Eq. 2.36).  Therefore, this cost was included in the revised cost.


Subtotal SCR System $50,385,980 $50,385,980
Electrical and Instrumentation & Control


Electrical Equipment $825,442 $825,442
Raceways $363,452 $363,452
Cable $471,568 $471,568
Grounding $20,847 $20,847
Lighting $299,231 $299,231
Communication $54,808 $54,808
Construction Power Allowance $189,230 $189,230
Control & Instrumentation $1,207,334 $1,207,334
Relocation & Modification of Existing Electrical 
Equipment $46,106 $46,106


Subtotal Electrical and Instrumentation & Control $3,478,018 $3,478,018
Sitework


Civil Work (Roads, Surfacing, Erosion Control) $0 $0
Concrete $0 $0


Piping for Sitework (Drainage) $0 $0


Subtotal Sitework $0 $0
Other Direct Capital Costs


Construction Equipment $6,769,119 $6,769,119
The cost of construction equipment is included in the EPA Control Cost Manual in the calculation of the direct 
capital cost of the SCR (Eq. 2.36).  Therefore, this cost was included in the revised cost.


Scaffolding $4,701,733 $4,701,733


The cost of scaffolding is not specifically included in the EPA Control Cost Manual for the calculation of the direct 
capital cost of the SCR (Eq. 2.36).  However, scaffolding is required to ensure the safety of the workers and to allow 
access to the retrofit site.  Therefore, this cost was included in the revised cost.


Freight $1,974,160 $1,974,160 This cost is included in the EPA Control Cost Manual, and EPA used S&L's estimate for freight.


Sales Taxes $308,300 $308,300
Sales tax is in the EPA Control Cost Manual in the calculation of the direct capital cost of the SCR (Eq. 2.36).  
Therefore, this cost was included in the revised cost.


Subtotal Other Direct Capital Costs $13,753,312 $13,753,312
Total Direct Capital Costs $67,617,310 $67,617,310
Indirect Costs


Engineering, Procurement & Project Services $9,506,574 $9,506,574


EPA considers S&L's estimate for "Engineering, procurement & project services" to represent analagous costs  in the 
EPA Control Cost Manual as "Engineering and Home Office Fees" that are estimated as 10% of the direct capital cost 
(Table 2.5, Engineering & Home Office Fees). EPA is using the S&L estimate for this line item, however, if EPA 
estimated this cost based on 10% of the direct capital cost, including labor costs, the total cost would be $6,761,731.


Construction Management/Field Engineering $10,538,367 $10,538,367


EPA considers S&L's estimate of Construction Management/Field Engineering to represent the "General Facilities" 
costs that are included in the EPA Control Cost Manual as 5% of the direct capital cost (Table 2.5, General Facilities).  
The EPA Control Cost Manual also includes a 5% Process Contingency (Table 2.5) under indirect installation costs. 
The facility estimated this cost as 65% of the direct labor cost (including per diem).  EPA is using the S&L cost 
estimate, however, if EPA estimated this cost as the sum of construction management/field engineering as 10%, to 
include 5% for general facilities, and 5% for process contingencies, of the direct capital cost, the total would be 
$6,761,731.


S-U Commissioning $648,515 $648,515


Start-up/commissioning costs are included in the EPA Control Cost Manual as 2% of the total plant cost (Table 2.5, 
Preproduction Cost).  The facility estimated this cost as 4% of the direct labor cost.  EPA used S&L's estimate for SU 
commissioning.


Owners Construction Management, O&M 
Support & Contract Services $6,244,287 $0


The S&L/SRP cost analysis included owners costs as typical expenditures that an owner will experience during an air 
quality control retrofit project.  These expenditures include costs for: project development, financing, project 
management, plant startup/construction support, and taxes/advisory fees/legal.  These costs are not included in the 
EPA Control Cost Manual and are not included in the revised cost estimate.  


Spare Parts & Special Tooling $565,000 $565,000


The cost of spare parts and special tooling are not specifically included in the EPA Control Cost Manual.  Although it 
is unclear why spare parts and special tooling are necessary, for conservativism, this cost was included in the revised 
cost.


Owner's Legal Support & Insurance $5,000,000 $0


The S&L/SRP cost analysis included the owner's legal support and insurance.  The EPA Control Cost Manual does not 
include legal fees, and states that insurance on an SCR system is a minimal cost and is included in the capital 
recovery.  Therefore, this cost is not included in the revised cost estimate.  


Lost Generation During Short Outages $5,670,000 $5,670,000
The facility assumed that the SCR installation would exceed the scheduled outage by a total of 7 days at a rate of 
$45/MWh @ 750 MW in lost power generation.  EPA included this cost in the revised cost estimate.


Ammonia Unloading Facility at Railhead $0 $0 Ammonia unloadling costs for Units 1 and 2 are covered under Unit 3 as a common cost.


Subtotal Indirect Costs $38,172,743 $26,928,456
Other Construction Indirect Costs


Indirect Labor & Materials Cost $8,597,356 $8,597,356
Overtime $1,832,068 $1,832,068


The cost of electrical equipment which includes the raceways, grounding, lighting, communication, construction 
power allowance, control & instrumentation, and electrical equipment relocation is included in the EPA Control Cost 
Manual in the calculation of the direct capital cost of the SCR (Eq. 2.36).  Therefore, all of these costs were included 
in the revised cost.


Site work costs for Units 1 and 2 are covered under the site work costs for Unit 3.


The cost of indirect labor & materials, overtime, per diem, contractor's G&A, and contractor's profit are not explicit 
                  


     







Per Diem $7,325,012 $7,325,012
Contractor's G&A $5,754,981 $5,754,981
Contractor's Profit $4,247,315 $4,247,315


Subtotal Other Construction Indirect Costs $27,756,732 $27,756,732
Total Indirect Costs $65,929,475 $54,685,188


Contingency $15,224,333 $15,224,333


The EPA Control Cost Manual includes project contingency costs as 15% of total direct capital costs and total 
indirect installation costs in the calculation of total capital investment.  15% of direct and indirect costs would be 
$17,367,153. EPA used S&L's estimate of contingency.


Escalation $0 $0
The facility did not include any costs for escalation in the BART submittal.  Therefore this cost was not included in 
the revised cost.


Allowance for Funds Used During Construction (AFUDC) $3,053,632 $0
The EPA Control Cost Manual assumes the allowance for funds used during construction (AFUDC) are zero for the 
retrofit of a SCR.  


Total Capital Cost $151,825,000 $137,527,000 9%


Annual Cost
S&L/SRP 
Calculated Cost EPA Revised Cost Comments


Fixed Annual Costs (FAC)


Operating labor $0 $0
The facility did not present any costs associated with operating labor.  Therefore no operating labor cost was 
included in the revised annual costs.


Maintenance labor & materials $395,000 $395,000
Maintenance labor & materials costs are included in the EPA Control Cost Manual.  Therefore, the facility's estimate 
was included in the revised annual cost.


Subtotal FAC $395,000 $395,000
Variable Annual Costs (VAC)


Anhydrous Ammonia Reagent $1,035,000 $1,035,000
The EPA Control Cost Manual includes costs for raw materials, such as reagent costs.  Therefore, the facility's 
estimate was included in the revised annual cost.


Auxiliary and ID fan power $1,809,000 $1,809,000
The EPA Control Cost Manual includes costs for utilities used by the SCR process.  Therefore, the facility's estimate 
was included in the revised annual cost.


Steam $71,000 $71,000


The EPA Control Cost Manual does not include costs for steam, however the low pressure steam is used to produce 
the ammonia reagent used for injection into the SCR.  Therefore, the cost provided by the facility was used in the 
revised cost.


Catalyst replacement $672,000 $672,000


It is unclear from the S&L/SRP cost submittal how the annual catalyst replacement cost was estimated.  However, 
the facility's annual replacement cost is comparable to the calculated annual catalyst replacement cost using 
Section 4.2, Chapter 2 of the EPA Control Cost Manual.  Therefore, the annual catalyst replacement cost submitted 
by the facility was used in the revised cost. 


Subtotal VAC $3,587,000 $3,587,000
Total Direct Annual Cost (DAC) $3,982,000 $3,982,000 FAC + VAC
Indirect Annual Costs (IAC)


Capital recovery $17,597,000 $12,981,576


The facility calculated capital recovery assuming a 9.8% interest rate and 20 year equipment life.  However, the 
design basis for the SCR capital cost estimate states that the SCR is designed for a 30-year life (See SCR and 
Baghouse Capital Cost Estimate Design Basis, Section 1.7(a), April 16,2010).  The EPA Control Cost Manual states the 
interest rate to use in the CRF computation should be a "pre-tax, marginal (real rate of return" that is appropriate 
for the investor.  However, for those cost analyses related to government regulations, an appropriate "social" 
interest (discount) rate should be used.  For these types of analyses, the Office of Management and Budget (OMB) 
directs that a real interest rate of 7% be used (October 1992).  The latest real interest rate for cost effectiveness 
analyses published by OMB is 2.8% for a 20 year period (Revised January 2008).  EPA calculated capital recoveries 
using 3% and 7% interest rates in determining cost effectiveness for the Regulatory Impact Analysis for the Final 
Clean Air Visibility rule and the Guidelines for BART Determinations under the Regional Haze regulations.   


Subtotal IAC $17,597,000 $12,981,576
Total Annual Cost $21,579,000 $16,963,576 DAC + IAC 0.214


Note: The capital recovery factor used to calculate the capital recovery is calculated using the following equation: CRF=[i(1+i)n]/[(1+i)n-1], where i=interest rate and n=number of years.


                  
line items costs included in the EPA Control Cost Manual. However, EPA included these costs as additional indirect 
costs associated with installation of SCR.





		Revised Costs Unit 1
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I. Introduction


This report addresses matters raised by representatives of Illinois Power and Dynegy Midwest
Generation (“Illinois Power”) in response to the Expert Report of Matt Haber (“report”).


This report, in combination with my original April 2002 report and my prior deposition
testimony contain my opinions, conclusions, and reasons therefor. Exhibits and tables in
summary of, or in support of these opinions are included in the appendix of this report (other
than those supplied as part of my April 2002 report or updates to it). Material considered, in
forming or confirming my opinions are listed in this report (other than those supplied as part of
my April 2002 report or updates to it) . The materials presented in my April 2002 report
concerning: listing of publications, statement of qualifications, compensation, and previous
testimony remain correct (other than my testifying in this matter on August 14, 15 and September
19, 2002).


II. Summary of Conclusions


The Summary of Conclusions presented in Section II of my original report still accurately states
my conclusions as to the emission rates and technologies that would have been BACT for the
pollutants at issue, and the Baldwin Station Units at issue in the time frames specified, except as
follows.


I have revised the BACT emission rates for PM for Units 1 and 2 (in 1985 and 1988,
respectively) to be 0.015 #/MMBTU.


III. Matters Organized by Individual BACT Determinations for Baldwin Station Units


1. Unit 3, 1982


A. Sulfur Dioxide


i. Technology and Removal Efficiency.
Table 6 of my report lists a number of powerplants that were using scrubbers with at least 90%
removal efficiency (of SO2). Of those, three facilities designed with 95% removal efficiency
were in operation by 1982, and one of those three was using a wet limestone process scrubber.
These facilities were included in my report, but were not specifically listed in my discussion of
SO2 in 1982.
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1See "Table 28. FGD Capacity in Operation as of December 1982", from Cost and
Quality of Fuels for Electric Utility Plants 1982 Annual, Energy Information Administration,
1982.


2See Supplement to Table 11, Estimated Costs for the Installation of SO2, NOx and PM
Control Devices at Illinois Power's Baldwin Station, Expert Supplemental and Rebuttal Report,
Dan Mussatti and Larry Sorrels, October, 2002.


3Assumes uncontrolled of 0.7, as in table 4 of Expert Report of Matt Haber, April 2002.


4See Expert Report of Matt Haber, Table 1, April 2002.
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The Energy Information Administration “Cost and Quality of Fuels for Electric Utility Plants
1982 Annual” lists flue gas desulfurization systems in operation as of December, 1982. Two
facilities, the Springfield Water Light and Power Dallman Unit 3, and Arizona Public Service
Cholla Unit 4, are listed as using wet limestone scrubbers with 95% removal efficiency.1


These data show that wet limestone scrubbers were available at a removal efficiency of 95% in
1982.


ii. Cost issues


Additional analysis was conducted for facilities listed in Table 11 of my report. For facilities
listed in that table permitted before 1985, cost effectiveness was determined using data reported
to the EIA. For 8 boilers at five locations, cost effectiveness of SO2 emissions controls ranged
from approximately $500/ton to $3,300/ton.2


B. Nitrogen Oxides


i. Low Nox Burner


It appears that the burner that would have been capable of achieving 0.4 pound NOx/MMBTU
would have likely been the Combustion Engineering CCOFA burner. Since that burner
incorporates overfire air, it appears that a more appropriate cost estimate would be based on a
combined LNB/OFA burner. The estimated annualized cost would have been approximately $6.9
million. The cost effectiveness of this option, therefore, would have been $1274/ton3.


In addition to the cost comparison with the roughly contemporaneous SQAQMD plan discussed
in my expert report, the two other powerplants with requirements for emission limits near 0.4
#/MMBTU4 would have had similar cost effectiveness to Baldwin Unit 3. They would have used
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5Prevention of Significant Deterioration Workshop Manual, Leigh Hayes, et al, 1980.


6See Table 10–Cost Effectiveness of BACT determinations for Nox, from Expert Report
of Matt Haber, April, 2002.


7See new Table 12, Cost Effectiveness Calculations for Chambers Cogeneration LP.


8See New Source Review Workshop Manual, EPA, 1990.


9Expert Report of Gary Rubenstein, July, 2002.


10See Expert Report of Matt Haber, April 2002.


11See “Guidelines for Cost-Effectiveness of New Source Performance Standards,” memo
from Charles Elkins and Milton Russell to A. James Barnes, Deputy Administrator, 1985.
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a baseline of 0.5 or 0.6 #/MMBTU, the relevant NSPS. The emissions controlled would have
been the difference between the NSPS and 0.44 #/MMBTU; the annualized cost would have
been similar.


ii. Other Cost Issues


Based on the methodology in the 1980 Workshop manual5, the cost effectiveness for the
Chambers Cogeneration6 facility is $4916/ton in 1990 dollars, and approximately 3948 in 1982
dollars.7 Using the methodology found in the 1990 Workshop manual,8 the cost effectiveness is
$3966/ton in 1990 dollars. Similar results would be expected for the Keystone Cogeneration
project; however, I did not perform those calculations.


C. Particulate Matter (PM)


“Base case” for the purpose of analyzing alternative PM control strategies would have been an
emission rate of 0.1 pound/MMBTU. This would also be true for the 1985 and 1988
modifications, but for the NSPS issues I discuss under those headings.9 However, for the 1982
time frame, I did not explicitly calculate cost effectiveness, so there would be no change.10


2. Unit 1, 1985


A. Cost Issues


In 1985, EPA established guidelines for cost effectiveness of New Source Performance Standards
(NSPS).11 In that memo, EPA established guidelines for the cost of NSPS for several pollutants,
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12One megagram equals 1.1 ton.


13See Supplement to Table 8b: SO2 Emissions Calculations for Baldwin Unit 1, 1985


14See Baldwin Unit 1 SCR Fact Sheet, Illinois Power, 2/1998.


“Q. Will the SCR affect the type of coal used at Baldwin?


A. The SCR is a fuel neutral NOx control technology. Once installed it could
control NOx produced from burning high or low sulfur coal or even natural gas.”


15Summary of NOx Control Technologies and their Availability and Extent of
Application, US EPA, February, 1992 (EPA-450/3-92-004).


16Institute of Clean Air Companies, Inc, White Paper: Selective Catalytic Reduction
(SCR) Controls to Abate NOx Emissions, October 1994.
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including SO2 and particulate matter at $1250 per megagram and $3000/megagram, respectively.
This equates to $1136/ton and $2727/ton, respectively.12 These cost guidelines would also have
relevance for BACT determinations later than 1985.


B. SO2


In addition to the request from the Department of Justice which initiated the creation of my
expert report, the Department has also asked me to include in my BACT analysis the premise of
an NSPS violation for Baldwin Unit 1 in 1985 (and for Unit 2 in 1988).


To see what kind of effect the NSPS baseline would have on cost effectiveness, I asked that a
cost analysis be performed for an 90% level of control. Using this 90% effective control option
as the baseline, the cost effectiveness (based on the more expensive wet limestone option, i.e.
disposal, rather than sale, of waste sludge) of a scrubber removing 95% of the SO2 would have
been $213/ton.13


C. NOx


Questions have been raised regarding the technical feasibility of SCR for coals with sulfur
contents in the range that Illinois Power burned prior to its switch to Powder River Basin coal.
Illinois Power itself has said that sulfur content is unimportant in this respect.14 At least one coal
fired power plant in Japan was using coal with a sulfur content of up to 2.5%.15,16At least one
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17See “B&W’s Experience Reducing NOx Emissions in Tangentially-Fired Boilers–2001
update,” A. Kokkinos et. al., Presented to Power-Gen International 2001, December 2001. This
document may be found at website location: http://www.babcock.com/pgg/tt/pdf/BR-1726.pdf.


18Beckman, Maghon and Schreier, “NOx Removal for Combustors; L. & C. Steinmüller’s
Operational Experience in the Post-Combustion Technologies High Dust and Tail End SCR,”
March, 1998.


19See Deposition of Matt Haber, September 19, 2002.


20See, eg, NOVs issued to AEP for opacity


21See, eg, Potential Effects of SCR and Scrubbers on Fine PM Emissions, Southern
Research Institute, undated


22See, e.g., Emissions of Sulfur Trioxide from Coal-fired Power Plants, R.K. Srivastava,
C.A. Miller, U.S. Environmental Protection Agency, Prepared for presentation at The Power-Gen
Conference, December, 2002.


23See Supplement to Table 4b: Particulate Matter Emissions Calculations for Baldwin
Unit 1, 1985.
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powerplant in the U.S. is currently using SCR while burning coal with a sulfur content of
approximately 2.5%17


Question also have been raised in some literature about arsenic poisoning experienced at some
early German SCR installations. This catalyst poisoning only occurred at cyclone fired units
where flyash was recycled into the combustion unit.18


Illinois Power suggests that the sulfate plume from the AEP Gavin plant is the result of the
installation and use of SCR.19 In fact, the plant had a long history of difficulty with visible
plumes, probably composed partly of sulfate. This may have been exacerbated, but was not
caused by the use of SCR.20 If there is (or was, in 1985) concern about sulfate formation, it would
be prudent for the source owner to ensure that an SCR system is engineered for minimal SO2 to
SO3 conversion, and to obtain a guarantee of that rate from the vendor.21,22


D. PM


Because the NSPS was applicable, the applicable baseline would have been 0.03 #/MMBTU.
The cost effectiveness for the less expensive PM control option (i.e. a baghouse) would have
been $2.95/ton.23
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24See Expert Report of Matt Haber, April 2002. 99.66% removal from a flue gas stream
with 0.3 gr/acf =0.005 gr/acf.


25See Supplement to Table 8c: SO2 Emissions Calculations for Baldwin Unit 2, 1988


26See Supplement to Table 4c: Particulate Matter Emissions Calculations for Baldwin
Unit 2, 1988.


Page 6 of 15


While the cost of the baghouse is based on the removal efficiency roughly necessary to meet
emission levels achieved by other, contemporaneously built powerplants,24 it appears that the
BACT limit would more appropriately be 0.015 #/MMBTU. As I discussed in my report, this is
the low end of the limits currently required as BACT.


3. Unit 2, 1988
A. SO2


To see what kind of effect the NSPS baseline would have on cost effectiveness, I asked that a
cost analysis be performed for an 90% level of control. Using this 90% effective control option
as the baseline, the cost effectiveness (based on the more expensive wet limestone option, i.e.
disposal, rather than sale, of waste sludge) of a scrubber removing 95% of the SO2 would have
been $232/ton.25


B. PM


Because the NSPS was applicable, the applicable baseline would have been 0.03 #/MMBTU.
The cost effectiveness for the less expensive PM control option (i.e. a baghouse) would have
been $1.77/ton.26


4. Units 1, 2, and 3, 2001/2002


A. NOx


Based on the use of uncontrolled emissions for NOx, total cost effectiveness of the top option is
as follows for each unit at Baldwin:


Unit 1: $274/ton
Unit 2: $283/ton
Unit 3: $672/ton
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27See Supplement to Table 4d and 4e.


28See "Defendants Illinois Power Company and Dynegy Midwest Generation Inc.'s
Response to Plaintiff's Third Set of Interrogatories" (Response to Interrogatory No. 18)
(September 6, 2002),


29See "Supplemental Response of Defendants Illinois Power Company and Dynegy
Midwest Generation, Inc. to Plaintiff's Third Set of Interrogatories" (Supplemental Response to
Interrogatory No. 18) (October 7, 2002).
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B. PM


Updated cost effectiveness estimates for 2001/2 are provided as an attachment to this report.27


These estimates are for control devices that would remove 99.6% of stack gas particulate matter,
which is also the removal efficiency used for the earlier (1985 and 1988) time frames.


IV. Other Points Relating to Mr. Gary Rubenstein’s Expert Report for Illinois Power


A. Consideration of Available Technologies.


i. Combustion Optimization System (COS)
One control technology considered in my report is COS, because technologies should be
screened for feasibility and then considered if feasible. Illinois Power considered the use of
COS as a NOx control strategy for compliance with Phase II Acid Rain requirements. Illinois
Power estimated that the COS would reduce NOx emissions by 25%. Mr. Rubenstein’s report
(July 3, 2002) does not consider COS as a BACT option in his analysis. Mr. Rubenstein
specifically criticizes my report’s consideration of COS, arguing that it has not been
demonstrated to be technically feasible. Illinois Power has installed a COS on all three units at
the Baldwin facility.28,29


ii. Low NOx burners.
A second control technology considered in my report is newer LNBs, because this technology has
improved since the LNB installed by Illinois Power on Unit 3. Improved technologies should be
screened for feasibility and then considered if feasible. Mr. Rubenstein’s report (July 3, 2002)
does not consider a new LNB as a BACT option in his analysis.


B. Assessing Removal Efficiencies
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In conducting BACT analyses I have not limited consideration of removal efficiencies to only the
average of the range of reported or permitted efficiencies. Mr. Rubenstein implies that the
method for determining BACT control efficiencies should be limited to the average of recent
BACT determinations. For example, on page 10 of his critique of my report, he states:


Mr Haber’s report fails to support the use of the 95% control efficiency for wet
scrubbers in 1982, 1985 and 1988 as compared with theaverage83% efficiency
reported for 1982, and the 85% efficiency reported for 1985 and 1988, in the
William Ellison report. This error leads Mr. Haber to make incorrect BACT
determinations.” (Emphasis added)


The limitation proposed by Mr. Rubenstein is inappropriate. If average performance was the
objective for BACT, then it would have been simply defined as the average of recent
determinations. Instead, BACT is defined as thebesttechnology, taking into account the
statutory factors of energy, environment and other costs.


C. Spray Dryer


Mr. Rubenstein criticized my report for not considering the use of a spray dryer for SO2 control.
To the best of my knowledge, spray dryers have not been used for the control of SO2 emissions
from coal fired powerplants burning coal with the sulfur content that Illinois Power used in1982,
1985 and 1988. Spray dryers are, on the other hand, in use for coals like the coal that Illinois
Power currently uses. However, spray dryers are (to the best of my knowledge) only capable of
reducing emissions by up to 90%, so would not represent the “top” level of control.


V. Additional Cost Issues


In addition to material presented earlier, the following information is offered to support the
BACT determinations in my expert report.


A. $10,000/ton Presumptive Threshold


In my expert report, I compared costs estimated for controls at the Baldwin plant to several other
costs for pollution controls as required by permitting authorities, including EPA. One comparison
I used was $10,000/ton, which, as explained below, was used in several different ways by EPA.
In each case that I analyzed in my report, estimated costs were much less than $10,000/ton.


EPA has used $10,000/ton as a presumptive upper bound for several purposes. As I discussed in
my expert report, that threshold was used in the presumptive BACT determination for oil refinery
heaters and boilers. That document does not state whether $10,000/ton is total or incremental
cost.
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30See EPA's Regulatory Impact Analyses (RIA) for the Revised Ozone and PM NAAQS
and Proposed Regional Haze Rule. This document may be found at website address:
http://www.epa.gov/ttn/oarpg/naaqsfin/ria.html7


The following is excerpted from section7.3.2 (Control Measure Selection Cost per Ton
Threshold) of the RIA:


Control measures with an average annual incremental cost per ton of VOC
or NOx of $10,000 (1990 dollars) or less are the only ones considered for the
analysis results reported in this chapter.  Since the ozone cost analysis is generally
designed to simulate current implementation practices, this threshold provides a
realistic estimate of the highest incremental cost impact that affected entities
might face.  To date, States generally have not chosen to require existing sources
to apply control measures with incremental costs above this threshold.  For
instance, the South Coast Air Quality Management District (SCAQMD), which
manages the most severe ozone nonattainment area in the United States, does not
currently apply VOC or NOx control measures with an average annual
incremental cost above $11,100 per ton (1990 dollars) (SCAQMD, 1996).


The control measure database used in this analysis does contain control
measures with an average annual incremental cost per ton greater than $10,000. 
These are generally measures affecting point sources that have  low-concentration
pollution streams and/or relatively stringent baseline control levels.  The $10,000
average annual incremental cost per ton threshold was not used in the 1996 RIA
of the proposed ozone NAAQS. 


Annual Average Incremental cost is defined on pages 6-6 and 6-7 of the RIA:


The incremental control measure data file is created via optimization on average annual
incremental cost per ton.  For purposes of this analysis, average incremental cost per ton
is defined as the difference in the annual cost of a control measure and the annual cost of
the baseline control (if any), divided by the difference in the annual mass of pollutant
emissions removed by the control measure and the emissions removed by the baseline
control.


The cost/ton is annual because an annual cost is the type of cost upon which the
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In the context of setting new ambient standards for ozone and particulate matter, EPA prepared a
regulatory impact analysis, and analyzed the impact of control strategies with costs of about
$10,000/ton (1990 dollars).30 Because those costs were relative to a baseline of existing emission
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optimization model employed in this RIA operates;  it is average since the cost/ton data
available for each control measure used in the model reflects average cost, not
incremental costs; and it is incremental in the sense that the cost/ton estimates generated
by the optimization model are incremental to the baseline for the ozone NAAQS, and are
not just estimates that are distinct and unique from the baseline employed for this
NAAQS.   Hence, with a different baseline, the annual average incremental cost per ton
estimates may be different, even if the same control measures are used.   This is also the
form of cost metric upon which the optimization model operated to rank order control
measures.


31Clinton, William, “Implementation of Revised Air Quality Standards for Ozone and
Particulate Matter,” July 16, 1997.


32Environmental Appeals Board Formal Opinions, PSD Appeal No. 92-8 and 92-9 (Inter-
Power of New York, Inc), 5 EAD 130.
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controls, the calculation fits the methodology used by the 1980 PSD workshop manual for
calculating total costs. Because some fraction of the source categories assumed for reductions
would have been uncontrolled, the control cost for that fraction would also represent total cost
effectiveness using today’s methodology. Later, guidance was issued to EPA by the President of
the United States related to implementation of the new standards.31 That guidance states that “. .
. $10,000 per ton of emission reductions is the high end of the range of reasonable cost to impose
on sources.”


VI. “Fuel Switching”


During the period before the 1990 Clean Air Act amendments, my experience is that EPA and
most other permitting authorities accepted most fuel options as proposed. In my experience, this
was always true of solid fuel (coal, coke, municipal waste, wood, etc.). It appears to have been
less often the case with liquid fuel that a fuel was accepted without further analysis. The 1990
amendments to the Clean Air added a new element to the definition of BACT, the consideration
of clean fuels. Since that time, it appears that a number permitting authorities have required at
least some consideration of fuels with a lower level of contaminants, such as lower sulfur
content. Some permitting authorities have also required consideration of different fuels, such as
the substitution of natural gas for fuel oil or coal. In particular, the Environmental Appeals Board
decided in one case32 that a permitting authority (in that case an EPA Regional Office) had
properly considered alternative fuels when it asked the applicant to consider fuel with a range of
sulfur contents, compared to the proposed sulfur content. In this case, however, Illinois Power is
already using coal with the lowest sulfur available in the U.S., and perhaps the world. Any
proposed use of a coal with a higher sulfur content would be evaluated by a permitting authority;
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however, any alternative coal would require assessment of available control technologies, so it
does not make sense to evaluate coals with other sulfur contents for the present day case.


VII. Other Issues


A. Historical BACT Determinations.
Another way one might consider determining BACT for points in the past would be to attempt a
replication of the BACT review that a permit engineer in Illinois would have performed. The
task I was asked to perform was to conduct a BACT analysis as it should have been conducted,
which is the more sensible and instructive course here. How any particular permitting situation
might have turned out – if it had happened – raises many issues that undercut the value of
whatever historical Illinois permitting examples one might look to for guidance. For example, if
the Baldwin facility had applied for a PSD permit in 1982 or at some other historical point,
Illinois, or one of its permit writers might have approached such an application very differently –
as a process matter – than would be the case for other permits. The size of the facility, the
unusually large amount of pollution suffered by the State from this one source, or other factors
might well have caused the State to invest more resources in evaluating control options or in
consulting with EPA or others on various approaches for evaluating the application and
determining BACT. These kinds of variables suggest that the fairest course it to simply analyze
for BACT by the methods in use at the time.


B. “Bottom Up” / “Top Down”
In analyzing BACT at different points in time, I used the methods and guidance in place at the
relevant times, including those known by the “bottom up” and “top down” shorthand, even
though the later of the more recent of the method (“top down”) was in use and endorsed by EPA
for use, before EPA concluded that “top down” should be the exclusive approach to BACT
determinations.


After several years of experience with PSD implementation (after the major 1980 program
revisions, and subsequent transfer of primary authority to most State agencies), EPA began to
review more closely the results of State efforts in that implementation. The results of these
reviews consistently showd that a very high percentage of BACT decisions resulted in no greater
emissions reductions than required by NSPS. Ultimately, EPA issued the “Potter memo,” which
made top-down BACT methodology the only approach sanctioned by EPA. Even before
issuance of the Potter memo, EPA Headquarters recommended the use of alternative
methodologies compared to that in the 1980 guidance, including “top down”:


Probably the best method of determining BACT, and approach that assesses
BACT starting from the most effective control option, is being successfully
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implemented by some State and local agencies. This approach, in conjunction
with the PSD workshop manual, can be used to evaluate the State’s proposed
BACT decision. For further information on the implementation of this approach,
contact Wayne A. Blackard, Chief, New Source Section, EPA Region IX (FTS
454-8249).33


In any event, whatever method one employs – top down, or bottom up or some hybrid – the
method is only a guide or aid to carrying out the analysis of factors established under the Act,
which is to select the best available control technology with the constraints set by law. Those
remain the same regardless of the method of analysis – which is supposed to be an aid or tool,
not something that produces different results from the standards established under the Clean Air
Act.


C. Data Over Time


It appears the Illinois Power criticizes my approach for considering data or analyses created more
contemporaneously than the time of the modification at hand. For example, assume that Illinois
Power was required to conduct an analysis today to determine BACT as it should have been for a
project constructed in 1990. The contemporaneous literature shows that a control technology that
originally appeared to be a strong BACT candidate. However, more recent information shows
that the technology did not operate in the manner expected at the time. I’m sure that Illinois
Power would reject the candidate technology on the basis of the more recent data. In the same
way, it makes sense, in my conduct of an analysis of historic BACT, to apply more recent
analysis of potential control technologies that were available at those times.
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Amended Table 2: Cost Effectiveness of SO2 for Permits Issued 1979-1999,
Converted to 1982, 1985,1988, and 2001


Permit Listed Cost
Effectiveness
($/ton)


1982 1985 1988 2001


Trimble 175 230 245 263 368


Chambers 459 380 407 439 615


Roanoke 468 378 405 438 613


Keystone 519 419 448 484 678


Old
Dominion


1047 846 906 978 1369


Stanton 2 5452 4405 4715 5092 7129


Mon Valley 534 382 409 442 619


Encoal 1648 1111 1189 1284 1798


Bonanza 2255 1487 1592 1719 2407


Hawthorn 5 608 392 420 454 636


Notes:
See Table 11 for detailed permit data.
All costs based on construction cost index for December of the relevant year, except that the
2001 estimate is based on September 2001, and the analysis Trimble uses the average index for
each year, because only annual average index data is available for 1979.
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Additional Documents Considered


Hayes, et al, “New Source Review Permitting Experience,” 1984(?)


Hayes, et al, Analysis of New Source Review Permitting Experience - Part 2, Final Report,
September 1985.


Selective Catalytic Reduction (SCR) Controls To Abate NOx Emissions, Institute of Clean Air
Companies, Inc., October 1994


Selective Catalytic Reduction (SCR) Control Of NOx Emissions, Institute of Clean Air
Companies, Inc., November 1997


Selective Catalytic Reduction (SCR) Controls To Abate NOx Emissions, Industrial Gas Cleaning
Institute, Inc., November 1989


Summary of NOx Control Technologies and their Availability and Extent of Application U.S.
Environmental Protection Agency, Office of Air and Radiation, Office of Air Quality
Planning and Standards, February 1992


NOx Removal for Combustors, L. & C. Steinmuller’s Operational Experience in the Post-
Combustion Technologies High Dust and Tail End SCR, Gerd Beckmann, Thomas Maghon,
Wolfgang Schreier, 1998


Adapting the German Coal-Fired SCR Experience to the U.S., Deutsche Babcock, DB Riley,
Inc., December 11, 1997


Performance of Selective Catalytic Reduction Technology at Electric Utility Boilers in the
United States, Germany and Sweden, U.S. Environmental Protection Agency, Acid Rain
Division, November 22, 1996


SCR Catalyst Performance Under Severe Operating Conditions, Scot G. Pritchard, Chris E.
DiFrancesco, T. Robert Von Alten, Cormetech, Inc.


Worldwide Experience with Selective Catalytic Reduction, John C. Buschmann, ABB
Environmental Systems, Ann-Charlotte Larsson, ABB Flakt Industri AB


NOx SIP Call Compliance and Electric System Reliability: Compatible Goals for Achieving
Needed Air Quality Benefits, Ozone Attainment Coalition, May, 1999


Long-Term SCR Operating Experience at PG&E Generating’s Coal-Fueled Plants, D.W.
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Bullock, P.E., S.R. Taylor, PG&E Generating, March 2000


Technical Feasibility and Cost of SCR NOx Control in Utility Applications, Electric Power
Research Institute


BACT Comments To The Commonwealth Of Virginia For The Public Record Concerning The
Proposed Old Dominion Electric Cooperative Electrical Generating Facility Near Clover,
Virginia


Operating Experiences and Process Optimization of the High-Dust DENOx Systems at 2000
MW Staudinger Power Station of Preussen Elektra AG








UNITED STATES ENVIRONMENTAL PROTECTION AGENC Y
REGION 8


1595 Wynkoop Street


DENVER, CO 80202-1129
Phone 800-227-89 17


http:/twww.epa_90v/ region08


JAN 2 2 2009


CERT IFIED MA IL
RETURN RECEIPT REQUESTED


Ref: 8P-AR


Steven M. Pimer, P.E. Secretary
Department of Environment & Natural Resources
Joe Foss Building
523 East Capitol
Pierre, SO 5750 1-3182


Dear Mr. Pimer:


By this letter and enclos ure, the U.S. Environmental Protection Agency (EPA) objects to
the proposed Title V operating permit renewal for the Big Stone power plant
(perm it #28.0801-29, dated November 20, 2008), located in Big Stone City, South Dakota. The
plant is owned and operat ed jointly by Montana-Dakota Utilities Company, Northwestern
Energy, and Otter Tail Power Company. This perm it is proposed by South Dakota ' s Board of
Mineral s and the Environment to be issued by the South Dakota Department of Environment and
Natural Resources (DENR). Our office received the proposed permit package for review on
December 8, 2008. The 45-day period for EPA review exp ires on January 22, 2009. This formal
objection, based on our review of the proposed perm it and supporting information, is issued
under the authority of Title V of the Clean Air Act (Act), speci fica lly under sect ion 505(b) of the
Act, 42 U.S.c. § 766 Id(b), and 40 CFR 70.8(c) .


Pursuant to 40 CFR 70.8(c)(I), the EPA will object to the issuance of any proposed
Title V operating permi t that EPA dete rmines does not comply with applicable requ irements of
the Act or the operat ing permit program requirements of 40 CFR part 70. In acco rdance with 40
CFR 70.8(c)(1) and (4), and South Dakota rules at ARSD 74:36:05:21, when the EPA objects in
writing to the issuance of a perm it within 45 days of receipt of the proposed permit and all
necessary supporting information, the State shall not issue the perm it. If the State fails, within 90
days after the date of an objection by the EPA, to revise and submit a proposed permit in
response to the object ion, the EPA will issue or deny the permit in accordance with the
requirements of the Federal program promulgated under Title V of the Act, 40 CFR part 71.







Pursuant to 40 CFR 70.8(c)(2), any EPA objectio n to a proposed permit sha ll include a
statement of the EPA' s reasons for objection and a description of the terms and cond itions that
the perm it must include to respond to the objection. The EPA is object ing to this proposed
perm it for the following reasons:


Object ion #1: Failure to include applicable requi rements from PSD and NSPS: The
proposed Title V renewal permit fa ils to comply with requirements of 40 eFR 70.6(a)(I ) to
includ e emission limitat ions and standards, includ ing those operat iona l requirements and
limitations that ass ure compliance with all applicable requirements at the time of permit
issuance, spec ifica lly:


• Applicable requirements of the final PSD permit for the Big Stone II project, issued
on November 20, 2008.


• The PSO permit , in addi tion to setting BACT emission limi ts, also inco rporates
requirements from 40 CFR part 60 , subpart Da, Clean Air Act Section 111. The
proposed T itle V renewal perm it does not adequate ly incorporate these part 60
requirements (New Source Performan ce Standards).


Objection #2: Lack of proper PSO applicability analysis for S02and NO~: The proposed
Title V renewal permit fails to comply with applicable Prevention of Significant Deteriorat ion
(PSO) State Implementation Plan requirements, specifica lly with regard to avo idance of PSD
major modification review for sulfur dioxide (S0 2) and nitrogen ox ide (NO, ) emissions
associated with the Big Stone II project (Units #13, #14, #15, #25 and #33).


Objection #3: Inadequate compliance pro visions: The proposed T itle V renewa l perm it
fails to comply with 40 CFR 70.6(c)(I ), whic h requ ires Title V permits to include compliance
certificat ion , testing, mon itoring, reporting and recordkeeping requirements sufficient to assure
compl iance with the term s and conditions of the permit. (Clean Air Act, Section 504(c» . The
proposed Ti tle V renewal perm it a lso fails to comply with 40 CFR 70.6(a)(3)(i)(B), which
requires T itle V permits to include periodic mon itoring suffic ient to yield reliable data from the
relevant time period that are representative of the source's complia nce with the permit .


Specific permit conditions that fail to compl y with §70.6(c)(I ) are the following:


• Co nditions 9.2 and 9.4, specifying plantwide emission limits for S0 2 and NO~


respectively, identified in the permit as a "PSD exempt ion," to enable the Big Stone II
project to avoid PSD major mod ification review for SOl and NO~. The conditions
fail to specify adequate emission mon itoring (e .g., mon itoring locat ions and emission
calc ulation methodologies) to assure compl iance with these limits.
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• Cond itions 11 .3, 11 .4 and 11.5, spec ifying hazardous ai r po llutant (HA P) emission
limits, identified in the permit as a "case-by-case MACT exemption," to enable the
Big Stone n project to avo id MACT requirements of 40 CFR 63.40-6 3.44 for new
major sources of HAPs. The condi tions fail to speci fy test methods and test
frequ ency to assure ongoing compliance.


Additionally, as explained in the enclosure , Condition 11.5 overall fails to specify
how the permittee must demonstrate compliance with the emission limit for any
single HAP and compliance with the em ission limit for total HAPs. Therefore, as
proposed, Condition 11.5 fails to have monitoring to assure compliance with the
terms and conditions of the permit.


Specific permit conditions that fail to comply with §70.6(a)(3) (i)(B) are the following:


• Condi tion 7. 12 only proposes an initial performance test at Unit # 13 for HF and HCI,
within 180 days after in itial startup of Unit #13. T he condi tion fai ls to propose a test
frequency or any other form of periodic mon itoring for dem onstrating ongoing
compl iance with the hydrogen fluoride (H F) and hydrogen chl oride (HCI) emission
limits in the permit.


• Condition 11.5 fails to propose a moni to ring frequency, or any other form of periodic
monitoring, for em issions of any HAPs or HAP surrogates (other than mercury, for
whi ch the condition specifies a Continuous Emiss ion Monitoring System), for
demonstrating ongoi ng compliance with the HAP em ission limits in the permit
condition.


The enclosu re provides a detailed explanation of the reasons for each object ion, fo llowed
by a desc ript ion of the term s and condi tions that the perm it must include to respond to eac h
objection. Please note that under 40 CFR 70.7(g), Reopenings f or cause by EPA, afte r fina l
issuance this permit sha ll be re-opened by the EPA, if the EPA determines that cause ex ists to
terminate, modify, or revoke and reissue a permit pu rsuant to §70.7(f)( I )(iv), to assure
compliance with app licable requirements. This objection letter does no t constitute a waiv er of
authority provided by §70.7(g). Furthermore, under the Clean Air Act, our opportunity for
review and comment on this permit does not prevent the EPA from takin g enforcement action for
any non-compliance, includ ing non-compliance related to issues that have not bee n speci fically
raised in those comments.


We regret that we are unable resolve these issues with your office prior to expirat ion of
our 45-day review period. We are comm itted to wor king with you to reso lve these objections
and are fully confident that Sou th Dakota will act to respond in a timely ma nner.
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Please let us know if we can provide assistance to you and yourstaff. If you have any
questions, please feel free to contact me, or yourstaff may contact Callie Videtich at
(303) 3 12-6434, Carl Daly at (303) 312-64 16 or Christopher Ajayi at (303) 3 12-6320.


Sincerely,


Carol Rushin
Acting Regional Administrator


Enclosure


cc (w/enclosure, via certi fied mail):


Ott er Tail PowerCompany
215 S. Cascade St., P.O. Box 496
Fergus Falls, MN 56538-0496


Montana-Dakota Utilities Company
400 North 41h Street
Bismarck, ND 5850 1


Northwestern Energy
600 Market St.
Huron, SD 57350


Terry Grauman, Manager, Environmental Services
OtterTail Power Company
215 S. Cascade St., P.O. Box 496
Fergus Falls, MN 56538-0496
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Enclosure
EPA Region 8 Objections to Proposed Title V Renewal Operating Permit


for Big Stone Power Plant in Soutb Dakota
(Permit #28.0801-29, dated November 20, 2008)


Objection #1 -- Failure to include applicable requirements from PSD and NSPS


The State issued a final PSD permi t to five owners of the Big Stone plant , including Otte r
Tail Power Company as the plant operator, on November 20, 2008, to allow construct ion of the
Big Sto ne II project (perm it #28.0803-PSD). Cond ition 1.1 of the perm it allows construction and
operat ion of the project and references perm it applica tions dated July 20, 2005 and
June 20, 2006 .


On the same date, the State issued the proposed Title V renewal permi t for the Big Stone
plant for EPA 's review. The propo sed Title V renewal perm it does not include all applicable
requirements from the PSD permit. Co ndition 1.1 of the propo sed Title V perm it includes the
language from Condition 1.1 of the PSD permi t and lists the ma in boiler for the Big Stone II
project (Unit #13), along with most, but not all, of the emitting units listed in the PSD permit for
that project. Table 1-1 in Co ndition 1.1 of the proposed Title V permi t says Unit #13 and four
other emitting units associated with the Big Stone II project (Units #14, #15 , #25 and #33) may
be installed and operated during the term of the Title V permi t.


The proposed Title V permit does not include the PSD BACT emissio n limits from the
PSD permit for the Big Stone II project, nor the detailed NSPS requirements from the PSD
permit, nor numerous other requ irements from the PSD perm it. 40 CFR 70.6(a) (I) requ ires Ti tle
V permi ts to include "Emission limitat ions and standards, includ ing those operat ional
requireme nts and limitations that assure co mpliance with all applicable requi rements at the time
of permit issuance." The definition of"appl icable requ irement" at §70.2 includes "Any term or
condition of any preconstruction permi ts issued pursuan t to regulations approved or promulgated
through rulemaking under title I, including parts Cor D, of the Act." Title I, part C of the Act
pertai ns to PSD permitting. Therefore, according to the Part 70 rules, the term s and conditions in
the November 20, 2008 PSD permit for the Big Stone II project are applicable requirements for
the Big Stone plant and must be included in the Title V permi t.


The Part 70 requirement to include tenus and conditions of PSD perm its in Title V
perm its was exp lained in detail in a letter dated May 20, 1999, from John Se itz, Directo r, EPA
Office of Air Quali ty Planning & Standards, to Robert Hodan bosi and Charles Lagges of
STA PPAIALAPCO. Enclosure A to the letter exp lains that all terms and co nditions in SIP
approved permit are applicable requirements that must be incorporated into Title V perm its and
that if a co ndition in a S1P-approved perm it is not carried over to the Ti tle V permi t, then that
permit would be subject to an objection by EPA. The letter is ava ilable on EPA website at :


http: //www.epa.gov/ttn/caaa/t5/memoranda/hodan7.pdf







The definition of "applicable requirement" in Part 70, as well as the explanation in the
EPA's 1999 letter for including PSD permit conditions in Title V pennits, are not contingent on
whether or not a PSD-pennitted unit has already been constructed and is operating, nor on
whether a final PSD permit for a modification to a major stationary source was issued prior to
issuance of a proposed Title V permit for the same major stationary source.


We have not previously mentioned the failure to include the PSD permit conditions in the
Title V permit because thePSD permit had not yet been issued as a final permit when we
reviewed the draft Title V permit. We are objecting now because the following terms and
conditions of the final PSD pennit have not been carried over to the proposed Title V permit and
must be included in the Title V permit as they are applicable requirements:


• Section 4.0 , Best Available Control Technology (BACT) Limits: PSD permit
conditions 4.1 through 4.8.


• Section 5.0, Other Applicable Limits (including NSPS and operational limits) :
PSD permit conditions 5.1,5.4,5 .5, 5.6, 5.7 and 5.8.


• Section 6.0, Performance Tests: PSD permit conditions 6.7,6.8 and 6.9.


• Section 7.0, Fugitive Dust Controls: PSD permit conditions 7.1 through 7.5


Additionally, we are concerned that the Title V permit does not ensure that BACT applies
at all times. BACT is an applicable requirement of PSD rules and has not been incorporated into
the final PSD permit, nor into the proposed Title V permit, in such a manner as to ensure that it
applies at all times. In our February 29, 2008 comments on the draft PSD permit, we noted that
condition 4.8 of the PSD permit, in conjunction with other conditions in section 4.0 of the
permit, would allow for good work and maintenance practices, along with manufacturer 's
recommendations for minimizing emissions, to serve in lieu of BACT emission limits during
startup, shutdown, and malfunction (SSM) events. We recommended that the State follow
EPA's long held policy that BACT emission limitations apply at all times. Under this policy,
BACT limits may not be waived during SSM periods. We said that if the State can demonstrate,
in its statement of basis for the PSD permit, that compliance with the primary BACT emission
limitations is not feasible during SSM periods, the State may establish secondary BACT
emission limitations or work practices for those periods, but that such secondary BACT emission
limitations or work practices must be justified as BACT.


In its April 15, 2008 response to comments on the draft PSD permit, the State responded
(on pages 51-52) by agreeing that BACT emission limits should appl y at all times, including
during periods of SSM, but "disagrees that a work practice standard may not be used as a BACT
limit to cover startup, shutdowns, and malfunctions." (Note: The State misunderstood our
comments. We did not say that work practice standards could not be used. We only said that a
work practice standard must be justified in order to be used as BACT.) The State removed the
exception from PSD BACT for periods of SSM and reworded PSD permit conditions 4.1 through
4.5 to say that compliance with the PSD BACT emission limits in the permit, during periods of
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SSM, shall be based on permit condition 4.8 (which requires good work and maintenance
practices and a SSM plan).


The State's response to our February 29, 2008 comments does not satisfy the PSD
requirements for BACT during periods of SSM. The State 's response has not just ified work and
maintenance practices and an SSM plan as BACT, nor justified work and maintenance practices
and an SSM plan as a reasonable means to assure compliance with BACT emission limitat ions.
The State should present such j ustification, or else impose secondary BACT emission limitations
during periods of SSM, and revise the PSD and Title V perrn it cond itions accordingly.


Ob jection #2 - Lack of proper PSD applicabilitv analysis for S0 2and NO x


Sect ion 9 of the proposed Title V renewal permit, titled "PSD Exemption," includes a
plantwide S02emission limit at condition 9.2 and a plantwide NO x. emission limit at condition
9.4. These conditions state that these limits allow the Big Stone II project (comprised of new
units #13, #14, #15, #25 and #33) to "forgo" PSD review for these two pollutants. These
conditions fail to comply with applicable PSD requirements in 40 CFR 52.21, specifica lly with
regard to avo idance of PSD major modification review for S0 2 and NOx emissions assoc iated
with the Big Stone II project. Furthermore, as discussed below, these proposed conditions fai l to
satisfy all regulatory provisions for establishing a " Plantwide Applicabi lity Limi t" (PAL) under
40 CFR 52.2 1(aa), ARSD 74:36:09. (We are aware that the State has not attempted to present its
proposed S02and NOx plantwide limits as a PAL.)


In our comment letter of February 29, 2008 on the draft Title V penn it, we expressed
concern about whether compliance could be demon strated with these plant wide limits and
whether credi table emission decreases from Big Stone I would be achieved before startup of Big
Stone II, and maintained on a continuous basis, sufficient to avoid PSD major modification
review for S02 and NOx. for the Big Stone II project. We said there should be a more detailed
discussion and analysis. Although the State provided some followup discussion in sections IV
through VI of its Ap ril 15, 2008 responses to public comments on the draft Tit le V pennit, the
majori ty of our concerns remain.


The State 's SIP-approved PSD rules at ARSD 74:36:09 incorpo rate 40 CFR 52.2 \ hy
reference. §52.21(a)(2)(i) says the requirements of this section (§52 .21) apply to any project at
an existing major stationary source in an area designated as attainment or unclassifiab le. The Big
Stone plant is such a source. The State is therefore required under §52.2 1(a)(2) to conduct a PSD
applicability ana lysis for the Big Stone II project for all regulated NSR pollu tants.


The State has already detenni ned the project to be a PSD major modification, and has
imposed BACT emission limits in the final PSD perm it issued on November 20, 2008, for the
following regulated NSR pollutants: PM IO, carbon monoxide, volatile organic compounds, and
sulfuric acid mist. The fact that the State has proposed plantwide limits for S0 2 and NOx. does
not relieve the State from the requi rement in §52.21(a)(2) to evaluate PSD applicability for S02
and NOx. in accordance with the step-by-step proced ure laid out in §52.21(a)(2 )(iv), or,
alternat ively, to estahlish a PAL as provided for in §52.21(a)(2)(v).
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Under §52.2 1(b)(2), "major modification" means any physica l change or change in
method of operation of a major stationary source that would result in a significant emission
increase ofa regulated NSR pollutant, and a significant net emission increase of that pollutant
from the major stationary source. The PSD significance thresholds for S02 and NOx are 40 tons
per year. It has already been documented in the permit record that the Big Stone II project itself
will result in significant emission increases for S02 and NOx. Therefore, to avoid PSD major
modification review for S02 and NOx, there must be a demonstration that there will not be a
significant net emission increase at the source (i.e., the overall Big Stone plant), based on the
definitions in the PSD rules and the step-by-step process laid out in §522 l(a)(2)(iv) for
determi ning if there will be such an increase.


The following definitions are key to this determination: "Net emission increase" is
defined at §52.2 l(b)(3)(i) as the increase in actual emissions from a particular physical change or
change in method of operation (in this case, the Big Stone II project) , summed with any other
increases and decreases in actual emissions at the major stat ionary source that are
contemporaneous with the particu lar change and are otherwise creditable. "Actual emissio ns" is
defined at §52.21(b)(21) as the actual rate of emissions of a regulated NSR pollutant from an
emissions unit. As stated in §52.21(b)(3)(ii), an increase or decrease in actual emissions is
"contemporaneous" with the increase from the particular change only if it occurs between:


(a) The date five years before construction on the particular change comm ences, and


(b) The date that the increase from the particular change occurs.


§52.2 1(b)(3)(v i) specifies the following three requirements for a decrease in actua l
emissions to be "creditable:"


(a) The old level of actual emissions or the old level of allowable emissions, whichever is
lower, exceeds the new level of actual emissions.


(h) It is enforceable as a practical matter. at and after the time that actual construction of
the particular change begins. ("Begin actual construction" is defined at §522 1(b)( I I)
as the initiation of physical on-site construction activities on an emissions unit which
are permanent in nature.)


(c) It has approximately the same qualitati ve significance for public health and welfare as
that attributed to the increase from the particular change.


So under these provisions ofPSD rules, to establish creditab le emission decreases from
Big Stone r for S02 and NOx, emissio n decreases from Big Stone r must meet the above crite ria.
Under the plantwide S02 and NOli emission limits in the proposed Title V renewal permit, there
would be no enforceable decreases in actual emissions at the time that actua l construction of the
particular change begins, to prevent a significant net emission increase at the source.
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NOTE: Draft determinations are marked with a " * " beside the RBLC ID. 


               Required fields are denoted by "+".  


 
Report Date: 05/05/2010            Control Technology Determinations (Freeform) 


Facility Information: BATON ROUGE REFINERY 


RBLC ID: LA-0123


+Corporate/Company


Name: EXXONMOBIL REFINING AND SUPPLY COMPANY


+Facility Name: BATON ROUGE REFINERY


Facility County: EAST BATON ROUGE PARISH


Facility State: LA


Facility ZIP Code: 70821-0551


Facility Country: USA


Facility Contact Name: MR. THOMAS MOELLER, REFIN.MGR.


Facility Contact Phone:


Facility Contact Email:


EPA Region: 6


Agency Code: LA001


Agency Name: LOUISIANA DEPARTMENT OF ENV QUALITY


Agency Contact: MR. KEITH JORDAN 


Agency Phone: (225)219-3613 


Agency Email: KEITH.JORDAN@LA.GOV 


Other Agency Contact


Info:


SYED QUADRI 


LA


504-765-0200


+Permit Number: PSD-LA-667, INTEREST #2638


+SIC Code: 2911


NAICS Code: 324110


Facility Registry System


Number: 110017300810


Application Accepted


Received Date: 11/28/2000 ACT


Permit Issuance Date: 04/26/2002 ACT


Date determination


entered in RBLC: 08/13/2002


Date determination last


updated: 05/17/2004


Permit Type: Both B: (Add new process to existing facility) &C: (Modify process at


existing facility) 


Permit URL:


Facility Description: THE MODIFICATION ADDS A "CLEAN GASOLINE PROJECT" TO


Previous Page







Facility Description: THE MODIFICATION ADDS A "CLEAN GASOLINE PROJECT" TO


AN EXISTING REFINERY, TO INCREASE HYDROFINING AND


CAUSTING TREATING CAPACITY TO REMOVE ADDITIONAL


SULFUR FROM MOGAS BLENDSTOCKS. PROJECT WILL NOT


RESULT IN SIGNIFICANT SECONDARY GROWTH EFFECTS,


WILL NOT ADVERSELY AFFECT SOILS, VEGETATION, AND


VISIBILITY, AND WILL NOT AFFECT ANY CLASS I AREA.


Permit Notes: NOTE: AN AGENCY CONTACT WAS NOT SPECIFIED IN THE


PERMIT INFORMATION. THE GENERAL RBLC CONTACT FOR


LA WAS CHOSEN FOR PURPOSES OF THIS DATABASE.


   


Affected Boundaries: BATON ROUGE REFINERY 


Process Information: BATON ROUGE REFINERY 


+Process Name: FRACTIONATOR FURNACE


+Process Type: 11.390


Primary Fuel:


Throughput: 360.00


Throughput Unit: MMBTU/H


Process Notes: DESCRIPTION OF THIS FURNACE: LCN FRACTIONATOR F-100.


   


Pollutant Information: BATON ROUGE REFINERY - FRACTIONATOR FURNACE 


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: ULTRA LOW-NOX BURNERS


Emission Limit 1: 14.4000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 53.7900


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0400


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.







Standard Limit Avg.


Time/Condition: CALCULATED USING THROUGHPUT


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 12,417 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: EMISSION LIMIT 1 IS 14.40 LB/H.


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description:


GOOD COMBUSTION PRACTICES, GOOD ENGINEERING


DESIGN, AND CLEAN BURNING FUEL


Emission Limit 1: 2.8800


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 10.7600


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0080


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition: CALCULATED USING THROUGHPUT


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:







+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description:


USE OF CLEAN FUELS WITH A MAXIMUM SULFUR CONTENT


LESS THAN 0.10 GR/DSCF (160 PPMV) H2S IN FUEL.


Emission Limit 1: 12.4700


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 38.6500


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0350


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition: CALCULATED


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance







Pollutants/Compliance


Notes:


   


Process Information: BATON ROUGE REFINERY 


+Process Name: HYDROFINER FURNACE 1


+Process Type: 12.390


Primary Fuel:


Throughput: 150.00


Throughput Unit: MMBTU/H


Process Notes: DESCRIPTION OF THIS FURNACE: ICN HYDROFINER F-2001.


   


Pollutant Information: BATON ROUGE REFINERY - HYDROFINER FURNACE 1 


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description:


GOOD COMBUSTION PRACTICES, GOOD ENGINEERING


DESIGN, AND CLEAN BURNING FUEL.


Emission Limit 1: 1.2000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 4.4900


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0080


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition: CALCULATED USING THROUGHPUT


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:







Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: EMISSION LIMIT 1 IS 1.20 LB/H.


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description:


USE OF CLEAN FUELS WITH A MAXIMUM SULFUR CONTENT


OF LESS THAN 0.10 GR/DSCF (160 PPMV) H2S IN FUEL.


Emission Limit 1: 5.1000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 15.7000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0340


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition: CALCULATED USING THROUGHPUT


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: EMISSION LIMIT 1 IS 5.10 LB/H.


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 







+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: ULTRA LOW-NOX BURNERS.


Emission Limit 1: 6.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 22.4300


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0400


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition: CALCULATED


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 11,992 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


EMISSION LIMIT 1 IS 6.00 LB/H. STANDARDIZED EMISSION


LIMIT OF 0.04 LB/MMBTU IS BASED ON HEAT INPUT, 24-HOUR


AVERAGE.


   


Process Information: BATON ROUGE REFINERY 


+Process Name: HYDROFINER FURNACE 2


+Process Type: 12.390


Primary Fuel:


Throughput: 197.00


Throughput Unit: MMBTU/H


Process Notes: DESCRIPTION OF THIS FURNACE: ICN HYDROFINER F-2003.


   







Pollutant Information: BATON ROUGE REFINERY - HYDROFINER FURNACE 2 


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description:


GOOD COMBUSTION PRACTICES, GOOD ENGINEERING


DESIGN, AND CLEAN BURNING FUELS.


Emission Limit 1: 1.5800


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 6.1300


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0080


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition: CALCULATED USING THROUGHPUT


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: P







+Control Method


Description: ULTRA LOW-NOX BURNERS.


Emission Limit 1: 7.8800


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 30.6600


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0400


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition: CALCULATED


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 10,698 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


STANDARDIZED EMISSION LIMIT OF 0.04 LB/MMBTU IS BASED


ON HEAT INPUT, 24-HOUR AVERAGE.


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description:


USE OF CLEAN FUELS WITH A MAXIMUM SULFUR CONTENT


OF LESS THAN 0.10 GR/DSCF (160 PPMV) H2S IN FUEL.


Emission Limit 1: 6.9300


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 22.4600


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.







Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0350


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition: CALCULATED USING THROUGHPUT


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


Process Information: BATON ROUGE REFINERY 


+Process Name: COOLING TOWER


+Process Type: 99.009


Primary Fuel:


Throughput:


Throughput Unit:


Process Notes: THIS COOLING TOWER IS INCLUDED IN EMISSION POINT NO.


LSM/CT.


   


Pollutant Information: BATON ROUGE REFINERY - COOLING TOWER 


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: DRIFT ELIMINATOR (MECHANICAL DRAFT DESIGN).


Emission Limit 1: 0.7700


Emission Limit 1 Unit: LB/H







Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: EMISSIONS ARE LISTED AS PM/PM10.


   


+Pollutant Name Particulate Matter (PM)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: DRIFT ELIMINATOR (MECHANICAL DRAFT DESIGN).


Emission Limit 1: 0.7700


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission







Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: EMISSIONS ARE LISTED AS PM/PM10.
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 ANALYSIS AND PRELIMINARY DETERMINATION FOR THE CONSTRUCTION AND 
 OPERATION PERMITS FOR THE PROPOSED CONSTRUCTION 
  OF A 500 MW PULVERIZED COAL ELECTRIC GENERATION FACILITY  
 FOR 
        WISCONSIN PUBLIC SERVICE CORPORATION – WESTON POWER  
 PLANT (SOUTH SITE) 
 TO BE LOCATED AT 
 MORRISON ROAD, 
 ROTHCHILD, MARATHON COUNTY, WISCONSIN 
 
 Permit # 03-RV-249, 03-RV-249-OP  
 
 Facility I.D. # 737009020 
 
This review was performed by the Wisconsin Department of Natural Resources, Bureau of Air 
Management, P.O. Box 7921, Madison, Wisconsin 53707, (608)266-7718 in accordance with 
Chapter 285, Wis. Stats., and Sections NR 400 to NR 499, Wis. Adm. Code.   
 
 Reviewed by: Raj Vakharia Initials:  RV    Date:                          
 
 Peer review conducted by:   /s/ Paul Yeung    Date:                       
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Signature Date 


 
Regional Supervisor or Central 
Office Designee 


/s/ Jeffrey C. Hanson 7/12/2004 


 
Stationary Source Modeling 
Subteam Leader 


/s/ John Roth  


 
Compliance Engineer 
(reviewed/approved) 


/s/Rhonda O’Leary  


 
Attachments:  1 – Process description 


2 - Emissions calculation 
3 – HAP calculations 
4 – Case by case MACT determinations  
5 – Top down BACT analysis 
6 – Air quality modeling analysis 


 
 
cc: Rhonda O’Leary, Wausau Service Center Air Program 


Marathon County Library, 300 North First Street, Wausau, WI 54401 
US EPA Region V (Certified) 
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INTRODUCTION 
 
Stationary sources that are not specifically exempt from the requirement to obtain a construction permit 
under s. 285.60(5), Wis. Stats. or ch. NR 406, Wis. Adm. Code may not commence construction, 
reconstruction, replacement, relocation or modification unless a construction permit for the project has 
been issued by the Department of Natural Resource's (DNR's) Air Management Program.  Owners or 
operators subject to the construction permit requirements must submit a construction and operation permit 
application to the DNR.  The application is reviewed following the provisions set forth in ss. 285.60 to 
285.65, Wis. Stats.  The criteria for permit issuance vary depending on whether the source is major or 
minor and whether the source is locating in an attainment or nonattainment area.   
 
Subject sources are to be reviewed with respect to the equipment and facility description provided in the 
application and for the resulting impact upon the air quality.  The review ensures compliance with all 
applicable rules and statutory requirements.  The plan review will show why the source(s) should be 
approved, conditionally approved, or disapproved.  It will encompass emission calculations and an air 
quality analysis using U.S. EPA models, if applicable.  As a precautionary note, the emission estimates 
are based on U.S. EPA emission factors (AP-42) or theoretical data and can vary from actual stack test 
data. 
 
The sources included in this construction permit are also required to obtain an operation permit under s. 
285.60(1)(b), Wis. Stats.  This review constitutes the Department's review of applications for both the 
construction permit and the operation permit for these units.  This review may be updated when the 
compliance demonstration information is received.  An operation permit may be issued after the applicant 
demonstrates that the sources included in the construction permit are in compliance with the applicable 
rules, emission limits and the conditions. 
 
GENERAL APPLICATION INFORMATION 
 
Owner/Operator: Wisconsin Public Service Corporation – Weston Power Plant 


P.O. Box 19002 
Green Bay, WI 54307-9002 


 
Contact: Cindy Brandt, Environmental Consultant – Air Quality   


(920) 433-1830  
 


Responsible Official: David Harpole, Vice President – Energy Supply 
(920) 433-1264 
 


Submitted By: WPS – Weston Power Plant  
(920) 433-1830 


 
Date of Complete Application: June 30, 2004 (Air quality modeling analysis) 
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PROJECT DESCRIPTION      


Wisconsin Public Service Corporation (WPS - Weston Power Plant) has submitted an air pollution control permit 
application under chs. NR 405, NR 406, NR 408, Wis. Adm. Code and 40 CFR Part 52.21 to construct and 
operate a 500 MW pulverized coal electrical generation facility at the Weston Power Plant at the South Site 
(also referred-as-Weston unit 4 project), Rothschild, Wisconsin. 


The emission sources included in the Weston 4-air pollution control permit application are: 


• One 500 MW supercritical pulverized coal (SCPC) boiler and gas fired dilution air heater 
• One auxiliary boiler 
• Diesel fire pump and diesel booster pump 
• Machine shop and rail car facility's welding shops 
• Coal handling and other material handling equipment, roadways and fugitive sources associated 


with the Weston 4 project and 
• Natural gas station heaters 


A description for each of the emission sources is included in the Attachment 1.  
Table 1 summarizes the potential annual emissions (tons per year) expected from the proposed Western's 
4 project 


 
Table 1 


P O T E N T I A L  E M I S S I O N S  F R O M  W E S T O N  U N I T  4  A N D  A N C I L L A R Y  
O P E R A T I O N  


Pollutant 
Potential Emissions (Tons 


per Year) 
 Pollutant 


Potential Emissions (Tons 
per Year) 


PM10 529.2  VOC 85.0 


C O  3,421 Lead 0.59 


NOX 1,613  H2SO4 Mist 113.3 


SO2  2,266  Mercury 0.039 


TSP 535  Beryllium 0.029 


 


The Weston 4 unit will be located at the existing Wisconsin Public Service Corporation - Weston 
Power Plant at the South site, in Marathon County, Wisconsin. The area where the Weston 4 unit will 
be located is presently classified as attainment for all other criteria pollutants. 


Wisconsin Public Service Corporation - Weston Power Plant is one of the 28 PSD named 
source categories and the potential to emit for the existing facility are greater than 100 tons 
per year, thus classifying the facility as a major source for PSD purposes. 


Table 2 summarizes the project emissions from the Weston 4 project in tons per year compared to 
PSD significance levels. 
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Table 2 
 


Pollutant  Net Emissions Change 
(tons per year)  


PSO Significance Level 
(tons per year)  


PSD review Required? 
(Yes/No)  


CO  3,421  100 Yes  
NO,        1,613  40 Yes  
PM  535 25 Yes  
PM10  527.7     15 Yes  
Sa 2,266  40 Yes  
VOC 85.0  40 Yes  
Pb  0.60  0.6 Yes  
Hg  0.039  0.1 Yes  
Be  0.029  0.0004 Yes  
F (as HF)  21.51  3 Yes  
Sulfuric acid mist  113.3  7 Yes  


The proposed Weston 4 project is a major modification to the existing major stationary source for Prevention of 
Significant Deterioration (PSD). Therefore, a PSD permit application is required for all pollutants emitted by the 
Weston 4 project sources above the PSD significant emission levels. 


On site construction of the Weston 4 project is scheduled to begin as soon as the proposed permit is issued.  


SOURCE DESCRIPTION 


The Weston 4 unit will be located at the existing WPS - Weston Power Plant (referred to as the South site) 
in Marathon County in NorthCental Wisconsin. This area is an attainment for all pollutants. 


 
Description of New or Modified Equipment: 
 


B04 - Super Critical Pulverized Coal (SCPC) Boiler.         
Maximum Continuous Rating - 5,173.07 mmBtu/hr Manufacturer - To be determined 
Weston Unit 4 will operate as a base load unit. The minimum stable load is about 30% of capacity. 
Weston Unit 4 is designed to operate from minimum stable load to full load so it can meet the 
variations in our customer's electrical demand. 


Fuel Specifications 


 
 Primary Fuel Back-up Fuel


Fuel Name  PRB coal Natural gas


Higher Heating Value, Btu/lb  8,100  1020 Btu/scf


Maximum Sulfur Content (Wt %)  0.50  0.0%


Maximum Ash Content (WT %)  5.5%  0.0


Excess Combustion Air (%O2)  -  -


Moisture Content (as fired) (%)  30.6  -


Maximum Hourly Consumption, tph  319.3  5.07 mmscf  
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The SCPC boiler will be designed to fire PRB coal. The backup fuel will be natural gas. WPSC has provided 
the following information in support of PRB coal. 


PRB coal was selected primarily for two reasons. First the current Weston facility utilizes PRB coal as 
the fuel source. The coal handling operations are configured to efficiently handle one coal type source. 
The addition of a second coal type, such as bituminous coal, increases the complexity and cost of the 
material handling by requiring separate storage and handling operations. Additional accommodations 
would need to be made with the rail delivery service to ensure that trains will not have conflicting 
delivery schedules. Second, the delivered cost of PRB is less than that of bituminous coals so total 
operating cost are lower for PRB than for bituminous coal at Weston. 


Weston Unit 4 is designed to burn PRB coals. It is not designed for both sub-bituminous and 
bituminous coals. There are two aspects that make it impractical for Weston Unit 4 to burn bituminous 
coals. First, if it were designed for both coat types, there would be some performance concessions made 
for the ability to switch from one coal type to another. In addition it will be more costly to design for the 
worst-case situation for both types of coals. 


The properties of alternative coal sources will impact the design and performance characteristics of the 
pulverized coal fired steam generator and its auxiliaries. The fuel ultimate analysis, heating value and 
ash mineral analysis all affect the required boiler and auxiliary equipment design capacities and 
performance characteristics. 


The coal ultimate analysis (Carbon, Hydrogen, Nitrogen, Sulfur, Moisture, Ash and Oxygen content) is 
an indictor flue gas flow rates, NOX, and SO2 emissions resulting from coal combustion. Designing for 
PRB sub-bituminous coal rather than eastern bituminous coal means designing for conditions that have 
higher flue gas flow rates and lower NOX, SO2, and ash flow rates than typical eastern bituminous coal. 
Converting a unit designed for PRB to burn eastern bituminous coal will result in lower flue gas flow rates 
at equivalent steam production rates, will reduce main steam and reheat steam temperatures, and 
increase NOX and SO2 emissions. 


Additionally, the higher sulfur content of the bituminous fuels increases the potential for fireside 
corrosion of the steam generator components. If the consumption of bituminous coals were seriously 
considered, the materials in a PRB coal designed unit would be inadequate to handle the more corrosive 
environment.   The installation of higher corrosion resistance materials would be required to effectively 
accommodate a fuel switch. To reduce the potential for regenerative air heater corrosion from burning 
bituminous coal, the air preheat system capacity would have to be increased to enable the maintenance 
of a hotter average cold end temperature of the regenerative air heaters. More extensive use of 
corrosion resistance materials for ductwork components in contact with the flue gas stream 
downstream of the regenerative air heaters and higher air heater outlet flue gas design temperatures 
would have to be also incorporated to handle the higher sulfur bituminous coal. All of this results in 
higher capital costs for the system, as well as higher operational and maintenance costs which are not 
in the budget of the proposed project. 


Second, to compensate for the additional NOX and SO2 emissions from bituminous coal in a boiler 
designed for PRB coal, the design of the SCR and FGD would have changed to accommodate additional 
pollutant reduction capacity. In addition the higher ash content of bituminous coals would likely result in 
the need for greater ash handling systems and greater ash storage capacity than in a unit designed for 
PRB coal. 


B29, S04, Gas fired dilution air heater 
Maximum continues rating: 3.10 mmBtu/hr 
Mfg: To be determined 
Fuel fired: Natural gas 
Maximum hourly consumption: 3,039.22 scf/hr 
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Emission Control Methods 


The SCPC boiler will be equipped with the following air pollution control systems. 
Particulate Matter - Fabric Filter Baghouse, Good combustion 
PM10 - Fabric Filter Baghouse 
Sulfur Dioxide - dry FGD System 
Nitrogen Oxides - Selective Catalytic Reduction (SCR), Low NOx burners 
Sulfuric acid mist - dry FGD 
Mercury - Baghouse, sorbent injection system 


The flue gas stream will first pass through the air heater and then into the SCR (to remove nitrogen 
oxides). Next the flue gases will pass through a part of the ductwork where some type of sorbent will be 
injected into the gas stream (to remove mercury). Following the sorbent injection, the gases will 
pass through the dry FGD system where lime is added to the gas stream (to remove sulfur dioxide). This 
resulting mixture of ash, lime and mercury will then be removed from the flue gases by a fabric filter and 
transferred to fly ash silos. A portion of this mixture will be recycled for use in the FGD system to improve the 
efficiency of lime utilization in the system. The remaining material once in the silos will be conditioned and loaded 
into trucks for transport to an approved landfill. The fly ash silos and associated handling equipment will have 
baghouses to control PM10 emissions. 


Parameters of SCPC Boiler Stack: S04 
Height: 500 feet 
Diameter: 20 feet 
Exhaust flow rate: 1,600,000 ACFM (average) 
Exhaust temperature: 171.09 degree F (normal) 
Discharge direction: Up (unobstructed) 


B25 - Auxiliary Boiler for SCPC Boiler 
Maximum Continuous Rating - 229.80 mmBtu/hr 
Manufacturer - To be determined 


Fuel Specifications 
 


 Primary Fuel


Fuel Name  Natural gas


Higher Heating Value  1020 Btu/scf


Maximum Sulfur Content (Wt %)  Negligible 


Maximum Hourly Consumption  0.225 mmscf


The auxiliary boiler will be used to preheat steam turbine, provide plant heating and provide supplemental steam 
to auxiliary equipment when the main SCPC boiler is offline. The auxiliary boiler will be packaged boiler that will 
combust only natural gas. The hours of the operation of the auxiliary boiler will be limited to 2,000 hours in any 12 
consecutive months. 


Emission Control Methods 
Particulate Matter - Good combustion, use of natural gas as fuel 
PM10 - Good combustion 
Sulfur Dioxide - use of natural gas as fuel 
Nitrogen Oxides, Carbon monoxide, Volatile organic compounds - Good combustion, use of natural 
gas as fuel 
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Boiler Stack Parameters: S25 
Height: 255 feet 
Diameter: 4.0 feet 
Exhaust flow rate: 118,192 ACFM (average) 
Exhaust temperature: 643 degrees F (normal) 
Discharge direction: Up (unobstructed) 


P26, S26 - Water Unit 4 Cooling Tower 


A new wet cooling tower will be built to remove excess heat from the steam cycle. Some particulate matter 
can become entrained in the plumes existing the cells of the cooling tower. These emissions will be 
minimized through the use of drift eliminators. 


Normal operating schedule: 24 hrs/day, 365 days/yr 
12-cell cooling tower with drift eliminators 
34.20 feet per cell diameter 
50 feet per cell 
1,189,342 acfm flow rate 
 
Chlorine will not be used for biofouling control. Currently WPSC - Weston Power Plant is using bleach 
or sodium bromide for biofouling control at the existing cooling tower (P24) at the Weston Power Plant. 
The new cooling tower is also expected to use bleach or sodium bromide for biofouling control for the 
proposed new cooling tower (P26). 


B27, S27 - Diesel booster pump 
Maximum Continuous Rating - 265 Hp 
Manufacturer - To be determined 
This unit will be located in the generator building. This unit will assist in circulating the water for 
the 
steam turbine during startup and shut downs. The booster pump will have operational limit of 200 
hours per year. 


Fuel Specifications 


 
 Primary Fuel


Fuel Name  Fuel oil  


Higher Heating Value  138Btu/gal 


Maximum Sulfur Content (Wt %)  0.003% by weight


Maximum Hourly Consumption  14.2 gals/hr 


Emission Control Methods 
Particulate Matter - Good combustion 
PM10 - Good combustion 
Sulfur Dioxide - 0.003% by weight sulfur fuel 
Nitrogen Oxides, carbon monoxide, volatile organic compounds - Good combustion 


Stack Parameters: S27 (P27) 
Height: 30 feet 
Diameter: 0.67 feet 
Exhaust flow rate: 1,404 ACFM (average) 
Exhaust temperature: 840 EF (normal) 
Discharge direction: Up (unobstructed) 
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B28, S28 - Main fire pump 
Maximum Continuous Rating - 460 Hp 
Manufacturer - To be determined 
This unit will be used as the main fire pump and only will be used for fire suppression 
purposes. The 
main fire pump will have operational limit of 200 hours per year. 


Fuel Specifications 
 


 Primary Fuel


Fuel Name  Fuel oil  


Higher Heating Value  138Btu/gal 


Maximum Sulfur Content (Wt %)  0.003% by weight


Maximum Hourly Consumption  22.8 gals/hr 


Emission Control Methods 
Particulate Matter - Good combustion 
PM10 - Good combustion 
Sulfur Dioxide - 0.003% by weight sulfur fuel 
Nitrogen Oxides, carbon monoxide, volatile organic compounds - Good combustion 


   Stack Parameters: S28 (P28)Height: 35 feet 
Diameter: 0.83 feet 
Exhaust flow rate: 2,987 ACFM (average) 
Exhaust temperature: 750 degrees F (normal) 
Discharge direction: Up (unobstructed) 


Coal Material handling Point Sources; Ash Material Handling Point sources; Limestone 
Material Handling Point sources; Material Handling Point Sources. 


The coal receiving system are all existing units. With the installation of Weston 4 unit, a 
new loop track and an automatic railcar positioned will be added. The new loop track and 
positioner for Weston 4 unit will be designed to accommodate up to 150 railcars at 100-150 
short tons per railcar. 


With the addition of Weston 4 unit, a second stockpile will be added along with new 
conveyor 11 and associated new telescopic chute. In addition a new reclaim hopper will be 
added under the new stockpile. This hopper will be furnished with a new water-collecting 
slide gate, new frozen coal crater C5A, a new variable rate belt feeder and new reclaim 
conveyor 12. 


The existing coal storage area will be expanded. With the addition of Weston 4 unit, the 
following new components will be added: splitter and diverted gate, crusher surge bin B, belt 
feeder F4A and F4B, crusher C4B, conveyors 14-17, and associated chutes. The splitter and 
diverted gates, crusher surge bin B, belt feeders F4A and F4B, crusher C4B and associated 
chutes will be located inside enclosed  buildings. With the addition of Weston 4 unit, six new coal 
dust collection system and one new wet dust suppression system will be added to accommodate 
the new coal handling system.  


A bottom ash submerged scraper conveyor (SSC) will be installed beneath the furnace outlet 
on Weston 4 unit. The SSC will be designed to continuously remove bottom ash, pyrites and 
economizer ash from Weston 4 unit. 


An FGD byproduct storage silo will be constructed to store material generated by the Weston 
4 unit FGD system and fabric filter. The silo will be situated directly over a rail line servicing 
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the FGD byproduct storage silo. The silo will be equipped with multiple dry load-out stations, 
using telescopic spouts for loading into enclosed rail cars. In, addition, the silo will include 
provisions for unlading into trucks (either enclosed or open bed). 


Lime will be delivered to the Weston 4 unit by tanker trucks. An area reserved for truck 
unloading will be located along the plant access road just northwest of the FGD by product 
storage silo. Also a single storage silo for lime will be constructed to store 15 days of lime 
used in the Weston 4 unit. A dust collector and exhauster fan assembly will be located atop 
the silo roof. Material will discharge from the silo through a rotary airlock and feed a dilute 
phase pneumatic conveying system. The pneumatic conveying system will be designed to 
transfer lime from the storage silo to the lime day bin. As with the lime storage silo, the lime 
day bin will be equipped with a dust collector and exhaust fan assembly for particulate 
removal. 


      P30, S30, System 1 - New Reclaim Tunnel Exit, #34 


Normal operating schedule: 24 hrs/day, 365 days/yr 
Process description: Conveyor 11 Telescopic Chute, #29. 
Control equipment: Fabric filter baghouse 
A baghouse will be used to control emissions of particulate matter (coal dust). Filter bags will be 
Periodically cleaned by a pulse of compressed air. 
Outlet concentration: 0.01 gr/scf 
Pressure drop range across the filter (inches of water): 4-12 
Fabric material: 19 oz/yd polyester, polypropylene, acrylic or other synthetic felt 
Air to cloth ratio: 6:1 


Stack 
Parameters: S30 
(P30) Height: 25 
feet 
Diameter: 2.17 feet 
Exhaust flow rate: 7,600 ACFM (average) 
Exhaust temperature: ambient (normal) 
Discharge direction: Up (unobstructed) 


P40, S40, Conveyor 11 Telescopic Chute #29 
Normal operating schedule: 24 hrs/day, 365 days/yr 
Process description: Conveyor 11 Telescopic Chute, #29. 
Control equipment: Fabric filter baghouse 


Stack Parameters: S40 (P40) Height: 5 feet, This 
stack serves to identify fugitive emissions 


 
       P41, S41, System 2 - New Junction House 2, #31 (13) 


Normal operating schedule: 24 hrs/day, 365 days/yr 
Process description: System 2 - New Junction House 2, #31 (13) 
Control equipment: Fabric filter baghouse 
A baghouse will be used to control emissions of particulate matter (coal dust). Filter bags will be 
Periodically cleaned by a pulse of compressed air. 
Outlet concentration: 0.01 gr/scf 
Pressure drop range across the filter (inches of water): 4-12 
Fabric material: 19 oz/yd polyester, polypropylene, acrylic or other synthetic felt 
Air to cloth ratio: 6:1 
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Stack Parameters: S41 (P41) 
Height: 65 feet 
Diameter: 3.83 feet 
Exhaust flow rate: 25,000 ACFM (average) 
Exhaust temperature: ambient (normal) 
Discharge direction: Up (unobstructed) 


P42, S42, System 3 - New Junction House 3, #32 


Normal operating schedule: 24 hrs/day, 365 days/yr 
Process description: System 3 - New Junction House 3, #32 
Control equipment: Fabric filter baghouse 
A baghouse will be used to control emissions of particulate matter (coal dust). Filter bags will be 
Periodically cleaned by a pulse of compressed air 
Outlet concentration: 0.01 gr/scf 
Pressure drop range across the filter (inches of water): 4-12 
Fabric material: 19 oz/yd polyester, polypropylene, acrylic or other synthetic felt 
Air to cloth ratio: 6:1 


Stack Parameters: S42 (P42) 
Height: 95 feet 
Diameter: 2.17 feet 
Exhaust flow rate: 7,600 ACFM (average) 
Exhaust temperature: ambient (normal) 
Discharge direction: Up (unobstructed) 


P43, S43, System 4 - Unit 4 Silo Fill System #7 


Normal operating schedule: 24 hrs/day, 365 days/yr 
Process description: Unit 4 Silo Fill System #7 
Control equipment: Fabric filter baghouse 
A baghouse will be used to control emissions of particulate matter (coal dust). Filter bags will be 


 
Periodically cleaned by a pulse of compressed air. 
Outlet concentration: 0.01 gr/scf 
Pressure drop range across the filter (inches of water): 4-12 
Fabric material: 19 oz/yd polyester, polypropylene, acrylic or other synthetic felt 
Air to cloth ratio: 6:1 


Stack Parameters: S43 (P43) 
Height: 260 feet 
Diameter: 4.83 feet 
Exhaust flow rate: 37,100 ACFM (average) 
Exhaust temperature: ambient (normal) 
Discharge direction: Up (unobstructed) 


 


P44, S44, System 1 - Lime Storage Silo Bin Vent #22 


Normal operating schedule: 24 hrs/day, 365 days/yr 
Process description: Lime Storage Silo Bin Vent #22 
Control equipment: Fabric filter baghouse 
A baghouse will be used to control emissions of particulate matter (coal dust). Filter bags will be 
Periodically cleaned by a pulse of compressed air. 
Outlet concentration: 0.01 gr/scf 
Pressure drop range across the filter (inches of water): 4-12 
Fabric material: 19 oz/yd polyester, polypropylene, acrylic or other synthetic felt 
Air to cloth ratio: 6:1 
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Stack Parameters: S44 (P44) 
Height: 70 feet 
Diameter: 0.67 feet 
Exhaust flow rate: 1,000 ACFM (average) 
Exhaust temperature: ambient (normal) 
Discharge direction: Up (unobstructed) 


P45, S45, System 2 - Lime Day Bin Vent, #27 


Normal operating schedule: 24 hrs/day, 365 days/yr 
Process description: Lime Day Bin Vent, #27 
Control equipment: Fabric filter baghouse 
A baghouse will be used to control emissions of particulate matter (coal dust). Filter bags will be 
Periodically cleaned by a pulse of compressed air. 
Outlet concentration: 0.01 gr/scf 
Pressure drop range across the filter (inches of water): 4-12 
Fabric material: 19 oz/yd polyester, polypropylene, acrylic or other synthetic felt 
Air to cloth ratio: 6:1 


Stack Parameters: S45 (P45) 
Height: 45 feet 
Diameter: 1.17 feet 
Exhaust flow rate: 2,500 ACFM (average) 
Exhaust temperature: ambient (normal) 
Discharge direction: Up (unobstructed) 


P46, S46, System 1 - FGD Product Mechanical Exhauster, #23 


Normal operating schedule: 24 hrs/day, 365 days/yr 
Process description: FGD product Mechanical Exhauster, #23 
Control equipment: Fabric filter baghouse 
A baghouse will be used to control emissions of particulate matter (coal dust). Filter bags will be 
Periodically cleaned by a pulse of compressed air. 
Outlet concentration: 0.02 gr/scf 
Pressure drop range across the filter (inches of water): 4-12 
Fabric material: 19 oz/yd polyester, polypropylene, acrylic or other synthetic felt 
 Air to cloth ratio: 3:1 to 5:1 


Stack Parameters: S46 (P46) 
Height: 25 feet 
Diameter: 1.33 feet 
Exhaust flow rate: 3,150 ACFM (average) 
Exhaust temperature: ambient (normal) 
Discharge direction: Up (unobstructed)  


 
P47, S47, System 2 - FGD Product Mechanical Exhauster, #23 


Normal operating schedule: 24 hrs/day, 365 days/yr 
Process description: FGD Product Mechanical Exhauster, #23 
Control equipment: Fabric filter baghouse 
A baghouse will be used to control emissions of particulate matter (coal dust). Filter bags will be 
Periodically cleaned by a pulse of compressed air. 
Outlet concentration: 0.02 gr/scf 
Pressure drop range across the filter (inches of water): 4-12 
Fabric material: 19 oz/yd polyester, polypropylene, acrylic or other synthetic felt 
Air to cloth ratio: 3:1 to 5:1 
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Stack Parameters: S47 (P47) 
Height: 25 feet 
Diameter: 1.33 feet 
Exhaust flow rate: 3,150 ACFM (average) 
Exhaust temperature: 200 degrees F (normal) 
Discharge direction: Up (unobstructed) 


P48, S48, System 3 - FGD Product Mechanical Exhauster, #23 


Normal operating schedule: 24 hrs/day, 365 days/yr 
Process description: FGD Product Mechanical Exhauster, #23 
Control equipment: Fabric filter baghouse 
A baghouse will be used to control emissions of particulate matter (coal dust). Filter bags will be 
Periodically cleaned by a pulse of compressed air. 
Outlet concentration: 0.02 gr/scf 
Pressure drop range across the filter (inches of water): 4-12 
Fabric material: 19 oz/yd polyester, polypropylene, acrylic or other synthetic felt 
Air to cloth ratio: 3:1 to 5:1 


Stack Parameters: S48 (P48) 
Height: 25 feet 
Diameter: 1.33 feet 
Exhaust flow rate: 3,150 ACFM (average) 
Exhaust temperature: ambient (normal) 
Discharge direction: Up (unobstructed) 


P49, S49, System 4 - FGD Byproduct Recycle Bin Vent, #24 


Normal operating schedule: 24 hrs/day, 365 days/yr 
Process description: FGD Byproduct Recycle Bin Vent, #24 
Control equipment: Fabric filter baghouse 
A baghouse will be used to control emissions of particulate matter (coal dust). Filter bags will be 
Periodically cleaned by a pulse of compressed air. 
Outlet concentration: 0.02 gr/scf 
Pressure drop range across the filter (inches of water): 4-12 
Fabric material: 19 oz/yd polyester, polypropylene, acrylic or other synthetic felt 
Air to cloth ratio: 3:1 to 5:1 


 
Stack Parameters: S49 (P49) 
Height: 100 feet 
Diameter: 1.50 feet 
Exhaust flow rate: 4,000 ACFM (average) 
Exhaust temperature: ambient (normal) 
Discharge direction: Up (unobstructed) 


P50, S50, System 5 - FGD Waste Silo Bin Vent, #20 


Normal operating schedule: 24 hrs/day, 365 days/yr 
Process description: FGD Waste Silo Bin Vent, #20 
Control equipment: Fabric filter baghouse 
A baghouse will be used to control emissions of particulate matter (coal dust). Filter bags will be 
Periodically cleaned by a pulse of compressed air. 
Outlet concentration: 0.02 gr/scf 
Pressure drop range across the filter (inches of water): 4-12 
Fabric material: 19 oz/yd polyester, polypropylene, acrylic or other synthetic felt 
Air to cloth ratio: 3:1 to 5:1 
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Stack Parameters: S50 (P50) 
Height: 110 feet 
Diameter: 1.83 feet 
Exhaust flow rate: 5,400 ACFM (average) 
Exhaust temperature: ambient (normal) 
Discharge direction: Up (unobstructed) 


F56, Weston Unit 4 Coal Pile Active and Dead 


Normal operating schedule: 24 hrs/day, 365 days/yr 
Process description: Coal Storage Pile and Pile Traffic 
Fugitive emissions will be controlled by suppression system operation. Monitoring and recording will be 
done by plant personnel inspect system and log operation. 


 
Stack Parameters: S56 (P56). This stack serves to identify fugitive emissions 


 
P61, S61, Machine Shop Welding Shop 


Normal operating schedule: 24 hrs/day, 365 days/yr 
Process description: Machine Shop Welding Shop. 


The new welding shops will be an extension onto the existing building Weston welding shop. It is expected that 
the expanded shops will include exhaust fan ventilation (will not include baghouses), A variety of welding 
operations occur within the weld shops including smaller pieces and assembly processes. Additional welding 
does occur throughout the plant for in-stu welding. Welding operations include gas tungsten arc welding 
(GTAW), shielded metal arc welding (SMAW), gas metal arc (GMAW), wire feed welding and other welding 
techniques as needed. Other uses in the weld shop include using the oxy-acetylene torches, cut off torches and 
other metal working equipment. There is no clear way to differentiate thefW4 welding from W1 , W2 and W3 
within this centralized shop. Thus the proposed welding will be assumed to be the modification of the existing 
welding operation. 


         35,142-pounds of rod/weld material for all units (new and existing) at the Weston site.  


 
    Stack Parameters: S61 (P61)  
      Height: 37 feet 
      Diameter: 2.00 feet 


Exhaust flow rate: 3,000 ACFM (average) 
Exhaust temperature: ambient (normal) 
Discharge direction: Up (unobstructed) 


 
P62, S62, Railcar Facility Welding Shop 


Normal operating schedule: 24 hrs/day, 365 days/yr Process 
description: Railcar facility Welding Shop 


Stack Parameters: S62 (P62) 
Height: 37 feet 
Diameter: 2.00 feet 
Exhaust flow rate: 3,000 ACFM (average) 
Exhaust temperature: ambient (normal) 
Discharge direction: Up (unobstructed) 
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B63, S63 - Natural Gas Station Heater 1 


Maximum Continuous Rating - 0.75 mmBtu/hr 
Manufacturer - to be determined 


Fuel Specifications 
 


 Primary Fuel 


Fuel Name  Natural Gas  


Higher Heating Value  1,020Btu/scf 


Maximum Sulfur Content (Wt %)   ----   
Maximum Hourly Consumption  735.29 scf/hr 


Emission Control Methods 
Particulate Matter - Good combustion, use of natural gas as fuel 
PM10 - Good combustion, use of natural gas as fuel 
Sulfur Dioxide - Good combustion, use of natural gas as fuel 
Nitrogen Oxides, carbon monoxide, volatile organic compounds - Good combustion, dry low NOx 
burners, use of natural gas as fuel 


Stack Parameters: S63 
Height: 14.5 feet 
Diameter: 0.83 feet 
Exhaust flow rate: 187 ACFM (average) 
Exhaust temperature: 850 degrees F (normal) 
Discharge direction: Up (unobstructed) 


   B64, S64 - Natural Gas Station Heater 2 


Maximum Continuous Rating - 0.75 mmBtu/hr 
Manufacturer - to be determined 


Fuel Specifications 


 
 Primary Fuel  


Fuel Name  Natural Gas  


Higher Heating Value  1,020Btu/scf 


Maximum Sulfur Content (Wt %)   ----   
Maximum Hourly Consumption  735.29 scf/hr 


Emission Control Methods 
Particulate Matter - Good combustion, use of natural gas as fuel 


                      PM10- Good combustion, use of natural gas as fuel  
                      Sulfur Dioxide - Good combustion, use of natural gas as fuel 


         Nitrogen Oxides, carbon monoxide, volatile organic compounds - Good combustion, dry low NOx 
                       burners, use of natural gas as fuel  
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                      Stack Parameters: S64  
                       Height: 14.5 feet 
                      Diameter: 0.83 feet 
                      Exhaust flow rate: 187 ACFM (average)
                      Exhaust temperature: 850 degrees F (normal)
                      Discharge direction: Up (unobstructed)


 P65, S65, PAC Truck Unloading 
 
                   Normal operating schedule: 24 hrs/day, 365 days/yr


Process description: PAC Truck Unloading
Control equipment: Fabric filter baghouse 
A baghouse will be used to control emissions of particulate matter (coal 
dust). Filter bags will be periodically cleaned by a pulse of compressed air. 
Outlet concentration: 0.02 gr/scf 
Pressure drop range across the filter (inches of 
water): 4-12  
Fabric material: 19 oz/yd polyester, polypropylene, 
acrylic or other synthetic felt  
Air to clothe ratio: 3:1 to 5:1 


 
Stack Parameters: S65 (P65)  
Height: 72.47 feet Diameter: 0.67 feet 
Exhaust flow rate: 1,000 ACFM (average) 
Exhaust temperature: ambient (normal) 
Discharge direction: Up (unobstructed) 


         P66, S66, PAC Truck Unloading 


Normal operating schedule: 24 hrs/day, 365 days/yr 
Process description: PAC Truck Unloading 
Control equipment: Fabric filter baghouse 
A baghouse will be used to control emissions of particulate matter (coal dust). Filter bags will be 
Periodically cleaned by a pulse of compressed air. 
Outlet concentration: 0.02 gr/scf 
Pressure drop range across the filter (inches of water): 4-12 
Fabric material: 19 oz/yd polyester, polypropylene, acrylic or other synthetic felt 
Air to cloth ratio: 3:1 to 5:1 


Stack Parameters: S66 (P66) 
Height: 72.47 feet 
Diameter: 0.67 feet 
Exhaust flow rate: 1,000 ACFM (average) 
Exhaust temperature: ambient (normal) 
Discharge direction: Up (unobstructed) 


 
F134 Roadways:- 


All haul roads on-site will be paved. The following are the new roads for the Weston 4 project sources. 
 
R12. SR01-SR06. 


These roads will only be operated from 6 am till 10 pm (16 hours each day) 
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Storage tanks 


WPSC - Weston Power Plant proposes to have the following storage tanks. This information obtained from their 
application 


Condensate tank Demineralized water 
storage tank Service water storage tank 
Ammonia storage tanks 1 and 2 Water 
treatment neutralization tank Chemical 
feed urea neutralization tank Clarified 
water storage tank 


These tanks do not need to have a permit under Wis. Adm. Code. 
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CROSS MEDIA IMPACTS 


Cross media impacts include solid waste impacts due to limestone and coal use, water impacts due to cooling 
and control device usage and hazardous waste impacts due to issues in regard to ash disposal. An 
Environmental Impact Statement (EIS) was prepared jointly by PSC and DNR. EIS discusses the impacts from 
solid waste and water. Copies of the final EIS are available from the Public Service Commission. 


EMISSION CALCULATIONS 


Emissions from the Weston 4 Project will originate from SCPC boiler, SCPC auxiliary boiler, natural gas station 
heaters 1 and 2, diesel booster pump, diesel fire pump, machine shop and rail car welding shops, cooling tower, 
roadways and associated material handling systems. 


WPS - Weston Power Plant has provided emission calculation information on the criteria pollutant emissions 
expected from the proposed project. The emission calculation information has been verified by the Department 
and the calculation information is included as part of the Attachment 2. The emission calculations are based on 
the proposed BACT control technologies and BACT emission limits. The summary of the controls for the 
emission sources proposed to be permitted are identified in Table 3. 


Table 3 Summary of control technologies proposed to reduce emissions from Weston 4 Project 
pollutant emission sources 
 


Pollutant emission source  Proposed control technologies


SCPC boiler  Low NOX burners, good combustion practices, fabric filter 
baghouse, dry FGD, sorbent injection system, SCR  


SCPC auxiliary boiler  Low NOX burners, good combustion practices, use of 
natural gas, limiting the hours of operations to 2,000 
hours in 12 consecutive months  


Welding operations  Restricting the amount of weld/rods materials used


Diesel booster pump  New diesel engine design, fuel oil with 0.003% sulfur, 
good combustion practices, limiting hours of operations to 
200 hours in any 12 consecutive months  


Diesel fire pump  New diesel engine design, fuel oil with 0.003% sulfur, 
good combustion practices, limiting the hours of 
operations to 200 hours in any 12 consecutive months  


Cooling tower  Use of high efficiency drift eliminators that will control 
drift to 0.002  


Coal storage piles  Wet suppression, compaction, covered conveyors, 
telescoping chute  


Limestone handling system  baghouse (dust collector) and exhaust fan assembly for 
PM removal  


Coal material handling point sources  Baghouse and wet dust suppression system


Ash/FGD waste material handling point 
sources  


Baghouse and pneumatic vacuum/pressure transfer 
system  


Roadways  Paved roads, new technology vacuum street sweeping for 
mitigation twice daily or whenever visible emissions from 
the haul roads. Hours of operation restrictions  


SCPC Boiler: The emission calculations are based on the maximum heat input rate to the SCPC boiler, 8,760 
operating hours per year and the proposed BACT emission limits using a PRB coal having a maximum uncontrolled 
sulfur content in coal of 1.25 pounds SO2 per million Btu. Table 4 summarizes the criteria pollutants emission 
(including pollutants regulated under PSD program) expected from the SCPC Boiler. 
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                                    Table 4 
 
 Pollutant  Pounds per hour  TONS PER YEAR


CO  776.4  3400.63
NO,  362.1  1585.99
PM  103.5  453.33
PM,0  103.5  453.33
SO2  517.3  2265.77
VOC  18.6  91.47
Pb  0.13  0.57
Hg  0.0088  0.038
Be  0.0067  0.030
Fluorides  4.91  21.51
Sulfuric Acid Mist 
(H2S04)  


25.9  113.44 


 
The above Table is Table 4.  The sulfur dioxide emission rate is based on BACT limit of 0.10 Ib/mmBtu on a 
30 day rolling average. 


Auxiliary Boiler: The emission calculations for the auxiliary boiler are based on proposed BACT emission limits, the 
maximum capacity as heat input and the operating limits. Table 5 summarizes the criteria pollutants emission 
(including pollutants regulated under PSD program) expected from the auxiliary boiler. This boiler will be limited to 
2,000 hours of operation in any 12 consecutive months. 
 


                       Table5  
Auxiliary Boiler for SCPC Boiler B25 


 
Pollutant  Pounds per hour  TONS PER YEAR


CO  18.40  18.40


NO,  22.90  22.90
PM  1.71  1.71
PM10  1.71  1.71
SO2  0.14  0.14


VOC  1.24  1.24
Pb  8.84E-08  8.84E-08
Hg  0.0000586  0.0000586


Be  0.0000027  0.0000027


Fluorides  0.062 0.062
Sulfuric Acid Mist 
(H2SO4)  


0.0207  0.0207


Diesel booster pump: The emission calculations for the diesel booster pump are based on proposed BACT/LAER 
emission limits, the maximum capacity as the heat input rating and the hours operating limits to 2,000 hours in any 
12 consecutive months. Table 6 summarizes the criteria pollutants emission (including pollutants regulated under 
PSD program). 


Table 6 
Diesel Booster Pump B26 


 


Pollutant  Pounds per hour  TONS PER YEAR              


CO  1.77  0.177


NOX  8.21  0.54
PM  0.58  0.058
PM,0  0.58  0.058
SO2  0.54  0.054
VOC  0.70  0.070
Pb  1.76E-5  1.76E-6
Hg  5.88E-6  5.88E-7
Be  5.88E-6  5.88E-7
Fluorides  1.72E-3  1.72E-4
Sulfuric Acid Mist 
(H2SO4)  


0.0832  0.00832


 
The emissions for SO2 included in Table 7are based on low sulfur fuel having sulfur content of 0.05% by 
weight. The BACT for the fuel has been determined to be ultra low sulfur fuel having an sulfur content of 
0.003% by weight, thus the SO hourly and annual emissions are expected to be lower than shown in the 
table above. 
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Diesel Fire Pump: The emission calculations for the diesel fire pump are based on proposed BACT/LAER emission 
limits, the maximum capacity as horsepower rate and the hours of operating limits of 200 hours in any 12 
consecutive months. Table 7 summarizes the criteria pollutants emission (including pollutants regulated under PSD 
program). 
 


Table 7 Fire Pump B27 
 


Pollutant  Pounds per hour  TONS PER YEAR             >',


CO  3.07  0.307


NOX  14.26  1.43
PM  1.01  0.101
PM10  1.01  0.101
S02  0.94  0.094
VOC  1.14  0.114
Pb  2.82E-5  2.83E-6
Hg  9.94E-6  9.44E-7
Be  9.94E-6  9.44E-7
Fluorides  2.77E-3  2.77E-4
Sulfuric Acid Mist 
(H2SO4)  


0.144  0.0144


 
The emissions for SO2 in table 7 are based on low sulfur fuel having sulfur content of 0.05% by weight. 
The BACT for the fuel has been determined to be ultra low sulfur fuel having an sulfur content of 0.003% 
by weight, thus the SO hourly and annual emissions are expected to be lower than shown in the table 
above. 


Welding operations: 


WPS has proposed the following for the welding processes being covered in both the Weston site Operation 
permit and the Weston 4-construction permit. 


Welding emissions are estimated using maximum throughputs and AP-42 emission factors WPS made the 
conservative assumption that all welding was performed with the worst-case weld rod. WPS also made the 
conservative assumption that this emission rate is applied as the TSP estimate and PM10 estimate. 


 
WPS made the following assumptions in determining the welding emission estimates: 


• Welding operations occur within the welding shop, and within the plant (both are enclosed areas). 
Ventilation in the plant is generally better than in the welding shop. For example, welding which 
occurs inside the boiler during outages can be ventilated through the boiler stack. The welding 
shop is ventilated through general building ventilation. WPS made the conservative assumption 
that all welding emissions are ventilated through the welding shop. 


• Because the operations occur within enclosed buildings, some control factor can be applied 
because the buildings act as a settling chamber (particulate emissions settle out and are not 
vented to ambient through the building ventilation). 


• Because the exhaust flow rate is relatively low, the building ventilation is not expected to achieve 
high capture efficiency. 


• The combination of these factors was evaluated and combined into a "release factor" that is 
acceptable as 20%. 


• Because Weston 4 welding processes will be co-mingled with Weston 1, 2, and 3 welding 
processes, WPS - Weston Power Plant has proposed to establish one set of conditions 
applicable to the welding operations as a whole. This proposal is actually more restrictive for the 
existing operations, and will apply BACT controls to all welding operations at the site. 


From Table 12.19-1 AP-42, dated January 1995, the maximum emission rate for welding is 81 pounds PM per 1000 
pounds electrode consumed. Based on actual usage records over several years, and taking into account the release 
factor discussed above, the maximum weld rod use would be 35,148 pounds per year. On average, this works out 
to about 2,929 pounds of weld rod per month or about 96 pounds of electrode per day. 
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Max Annual Usage x EF (release factor) = hourly emission rate x hours per year 


35,148 pounds electrode/yr x 81 #PM/1000 # electrode (0.20) = 0.065 #/hr x hours per year 


The controlled hourly emission rate of 0.065 #/hr was used for modeling purposes. 


WPS proposes that the controlled emission rate of 0.065#PM/hr be used for both welding processes. WPS 
believe this controlled emission rate represents a conservative emission estimate for these 
Processes.  Table 8 summarizes emissions form the welding operation. 
 


Table 8 Welding operations, P61 or P62 
 


Pollutant  Pounds per hour  TONS PER YEAR


PM  0.065  0.285
PM,0  0.065  0.285
VOC  0.230  1.01


Cooling Tower: For the purpose of estimating PM10 emissions from the cooling tower, a total dissolved solids 
concentration is assumed to be 1,500ppm. The high efficiency drift eliminators will control drift to 
0.002 percent, leaving a drift rate of approximately 5.01 gallons of water per minute lost from cooling 
tower. Detailed calculations are included in the attachment 2.  Table 9 summarizes the emissions form the 
cooling tower. 
 


     Table 9  Cooling Tower P26  
 


Pollutant  Pounds per hour  TONS PER YEAR


PM  3.72  16.29


PM,o  3.72  16.29


 
Natural gas Heaters: Emissions are estimated assuming an annual operation schedule of 8,760 hours and 
BACT limits. As natural gas is the only fuel source, PM10 and SO2 emissions will also be minimal. 
Detailed calculations are included as part of the attachment 2.  Table 10 summarizes the emissions from the heating 
gas stations. 
 
                                               Table 10 Heating Station B63'B64 


 
Pollutant  Pounds per hour  TONS PER YEAR


CO  0.06  0.263
NOX  0.073  0.319
PM  0.01  0.044
PM10  0.006  0.026
SO2  0.0004  0.0018
VOC  0.00091  0.0040
Pb  2.8E-10  1.23E-08
Hg  1.91E-07  8.37E-07
Fluorides  2.04E-04  8.94E-04
Sulfuric Acid Mist 
(H2SO4)  


0.0000675  2.96E-04


 
Material Handling Point Source Emissions: The volumetric flow rate through the baghouse or vent filter system 
(BACT limits) is multiplied by the maximum outlet grain loading to calculate the hourly emission rate. This is 
then multiplied by the number of operating hours per year to calculate the resulting potential annual emissions. 
For the coal stockout pile drop points, the equation in AP-42 was used to calculate the emission factor. Control 
efficiencies were based on the control methods applied.   For the limestone handling points the equation in AP-
42 was used to calculate the emission factor. Control efficiencies were based on the control methods applied. 
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Material Handling Fugitive Sources Emissions: The Weston 4 Project fugitive PM sources include the inactive coal 
storage piles (both wind erosion and reclaim operations) and fugitive emissions from ash hauling truck traffic. 
Emission factors were developed using appropriate equations from AP-42 and or emission factors from AP-42. Also 
appropriate control efficiencies based on appropriate control techniques were also applied in determining potential 
annual emissions. 


Emissions of PM/PM10 results from the transfer and handling of material on-site. These materials include PRB coal, 
lime and ash materials. Additionally the haul roads onsite as well as the storage pile will generate fugitive emissions. 


Tables 11-17 summarizes PM/PM10 emissions from material Handling Point sources and Material Fugitive 
Sources 


Table 11        Inactive coal storage piles 
 


Source Description  TSP/PM10  


W4 coal pile maintenance (F56)  0.4841 Ib TSP/hr  


W4 coal storage are active (F56)  0.0964 Ib TPS/hr; 


PMIO tpy  


0.0482 lbPM10/hr; 0.05  


W4 coal storage dead  0.1396 Ib TSP/hr; 


PMIOtpy  


0.0699 lbPM10/hr; 0.07  


Table 12    Limestone handling system 
 


Source Description  TSP/PM10  


Limestone storage silo bin vent (S44)  0.10 lb TSP/hr;  0.10 lb PM/hr;  0.44 PM10 tpy 


Lime day bin vent (S45)  0.26 Ib TPS/hr; PMIO 


tpy  


0.26 lb PM10/hr; 1.13  


Table 13     coal material handling point sources 
 


Source Description  TSP/PM10  


System 1 – New reclaim tunnel (S30) 0.79 lb TSP/hr; 0.79 PM10/hr; 3.45 PM10 tpy 


Conveyor 11 Telescopic chute, #29 (S40) 0.484 lb TSP/hr 


System 2, New junction house 2, #31 (S41)  2.59 lb TSP/hr; 2.59 lb PM10/hr; 11.35 PM10 tpy  


System 3, New Junction house 3, #32 (S42)  0.79 Ib TPS/hr; PMIO 


tpy  


0.79 lbPM10/hr; 3.45  


System 4, Unit 4 silo fill system, #7 (S43)  3.84 Ib TSP/hr; PMIO 


tpy  


3.84 lbPM10/hr; 16.84  
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Table 14   Ash material handling point sources 
 


Source Description  TSP/PM10  


System 1 FGD product mechanical exhauster #23  (S46) 0.653 lb TSP/hr; 0.653 PM10/hr; 2.86 PM10 tpy 


System 2 FGD product mechanical exhauster #23  (S47) 0.653 lb TSP/hr; 0.653 PM10/hr; 2.86 PM10 tpy 


System 3 FGD product mechanical exhauster #23  (S48) 0.653 lb TSP/hr; 0.653 PM10/hr; 2.86 PM10 tpy 


System 4 FGD byproduct recycle bin vent #24 (S49) 0.829 lb TSP/hr; 0.829 


PM10/hr; 


3.63 PM10 tpy 


System 5 FGD waste silo bin vent, #20  (S50) 1.12 lb TSP/hr;  


1.12 PM10/hr 


4.90 TSP/hr 
4.90 PM10 tpy 


 


Table 15        Inactive coal storage piles 
 


Source Description  (Facility Haul Roads) TSP/PM10 (lbs/hr)  


R09 0.20/0.04 
0.08/0.01 


R10 0.08/0.01 


R11 0.07/0.01 


R12 0.09/0.02 


R13 0.29/0.06 


R14 
 
W4 coal pile maintenance (F56)


 0.09/0.02 


Table 16        PAC truck unloading 
 


Source Description  TSP/PM10  


PAC truck unloading (S65)  0.21 Ib Pm?PM10/hr; 0.92 PM/PM10 tpy  


Table 17        PAC silo loading 
 


Source Description  TSP/PM10  


PAC silo loading (S66)  0.21 Ib PM/PM10/hr; 0.92 PM/PM10 tpy  


WPSC - Weston Power Plant has provided emission calculation information on the hazardous air pollutants 
expected from the proposed project. The emission calculation information for the SCPC boiler, Auxiliary boiler, diesel 
booster pump, diesel fire pump has been verified by me and the calculation information is included as part of the 
Attachment 3. The emission calculations are based on the emission factors (EPRI, AP42, stack test results, what has 
been achieved at other facilities, control technologies where applicable or emission limits). 
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The following Tables 19-20A summarize HAP emissions from the SCPC boiler. The HAP emissions from the 
other sources are expected to be minimal (combined HAP emissions from auxiliary boiler is expected to be 
0.51 tpy, combined HAP emissions from gas heaters 1 and 2 are expected to be 0.02 tpy, combined HAP 
emissions from fire pump is expected to be 0.01 tpy and combined HAP emissions from booster pump is 
expected to be 0.02 tpy. Total combined HAPs from all the fuel-fired sources are expected to be 71.27 tpy). 
Because of these reasons HAPs from the SCPC boiler are identified in the tables 19-20A.  Based on the HAP 
emissions, the proposed project is a major source for HAPs. In addition to the criteria pollutants discussed above, 
other materials are present in the coal or can be formed as a by-product of combustion in the boiler and have the 
potential to be emitted in small quantities. Metals present in the coal are listed in Table 19 along with their controlled 
potential emissions.  Table 20A summarizes the annual HAP emissions from the SCPC boiler only. 
 
                       Table 19 Projected Metal Emissions 
 
Emission factors obtained from AP-42: Table 1.1-18 
 


Pollutant  Emission 


Factor*  (lb/ton 


coal)  


Potential 


Emissions 


(tons/year)  


Antimony  0.000018  0.03  


Arsenic  0.00041  0.57  


Beryllium  0.000021  0.03  


Cadmium  0.000051  0.07  


Chromium  0.00026  0.36  


Chromium (VI)  0.000079  0.11  


Cobalt  0.0001  0.14  


Magnesium  0.011  15.39  


Manganese  0.00049  0.69  


Nickel  0.00028  0.39  


Selenium  0.0013  1.82  
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                                                                                Table 20 A 
                                                 Annual HAP Emission Estimates for Weston 4 
Pollutant Tpy Pollutant tpy 


1,1,1-Trichloroethane 0.028 Ethylene dibromide 0.0017 
2,4-Dinitrotoluene 0.00039 Ethylene dichloride 0.056 
2-Chloroacetophenone 0.010 Formaldehyde 0.34 
Acetaldehyde 0.80 Hexane 0.09 
Acetophenone 0.021 HCl a 47.92 
Acrolein 0.41 HFb 4.91 
Antimony 0.03 Isophorone 0.81 
Arsenic 0.57 Lead 0.59 
Benzene 1.82 Manganese 0.69 
Benzo(a)pyrene 0.000053 Mercuryc 0.009 
Benzyl chloride 0.98 Methyl bromide 0.22 
Beryllium 0.029 Methyl chloride 0.74 
Biphenyl 0.0024 Methyl ethyl ketone 0.55 
Bromoform 0.055 Methyl hydrazine 0.24 
Cadmium 0.071 Methyl methacrylate 0.028 
Carbon Disulfide 0.18 Methyl tert butyl ether 0.049 
Chlorobenzene 0.031 Methylene chloride 0.41 
Chloroform 0.08 Napthalene 0.018 
Chromium 0.36 Nickel 0.39 
Cobalt 0.14 Phenol 0.022 
Cumene 0.0074 Propionaldehyde 0.53 
Cyanide 3.50 Selenium 1.82 
DEHP 0.10 Styrene 0.035 
Dimethyl sulfate 0.067 Tetrachloroethylene 0.060 
Dioxins 0.00034 Toluene 0.34 
Ethyl benzene 0.13 Vinyl acetate 0.011 
Ethyl chloride 0.059 Xylene 0.052 
            Total              70.50 tpy 
 
a- Emission rate determined using chlorine content of coal and assuming FGD efficiency of 96%. 
b- Emission rate determined using fluorine content of coal and assuming FGD efficiency of 96%. 
c- Emission rate determined using emission rate from best controlled similar source (1.7 lb/trillion Btu) 
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WISCONSIN HAZARDOUS AIR POLLUTANT (NR 445) REVIEW 


In addition to criteria pollutants, hazardous air pollutant emissions are expected to be emitted from the combustion 
of the fuels. 


Ch. NR 445 requires fuels that do not meet the definition of a "virgin fossil fuel" to conduct additional analysis including 
modeling and possibly BACT and LAER analysis. Ch. NR 445 requires a calculation of the hourly or yearly emission 
rate based on fuel types and usage rates. This value is then compared to the hourly or yearly emissions found in Tables 
1 through 5 of the regulations. If emissions are above the NR 445 de minims levels in Tables 1 through 5, either 
modeling is required or BACT/LAER must be applied. The WPSC - Weston Power Plant at the South site is proposing to 
permit PRB coal in the SCPC boiler. No fuel blending is planned for the facility. 


Several citations in NR 445 list exemptions from Table 1 through 5 for Group 2 virgin fossil fuels vented from a stack which 
has downwash minimization. The anticipated stack height for SCPC boiler is 500 feet, which meets the criteria for 
downwash minimization. 


A virgin fossil fuel is defined as".... Any solid, refined liquid or refined gaseous fuel with a Btu content greater than 7,000 
Btu/lb which is not blended with reprocesses or recycled fuels. Group 1 virgin fossil fuels consists of natural gas, liquid 
petroleum gas, fuel oil, distillate fuel oil, gasoline and diesel fuel. Group 2 virgin fossil fuels consist of coal and residual 
fuel oil. Thus the HAP emissions from the sources identified above are not subject to the emission limits under s. NR 
445.04, Wis. Adm. Code because they meet the definition of Group 1 and Group 2 virgin fossil fuels. 


The natural gas heating stations 1 and 2, auxiliary boiler are also exempt form NR 445 because they will combust natural 
gas. The diesel booster pump and diesel fire pump are exempt from NR 445 because they will combust ultra low sulfur 
fuel having a sulfur content of 0.003% by weight.  The Weston 4 Project will combust the following fuels. 


• SCPC boiler, burning PRB coal. 
• SCPC auxiliary boiler, burning natural gas. 
• Natural gas heating stations 1 and 2 burning natural gas. 
• Diesel booster pump burning ultra low sulfur fuel oil 


.   • Fire pump burning ultra low sulfur fuel oil 
 


Table 19 provides a summary of the estimated potential emissions (tons per year) of hazardous air pollutants from 
the Weston 4 SCPC boiler. It does not include other fuel sources and fugitive coal dust and other dust, which should 
be low if appropriate controls are implemented. 


Table 19 shows that the total potential emissions of Section 112 HAPs from the SCPC boiler are estimated at just over 70 
tons per year. 


Approximately 53 tpy of the potential HAP emissions from the Weston 4 project are HCI and HF emissions. 
Potential HAP emissions attributable to the auxiliary boiler, diesel booster pump, diesel fire pump and natural 
gas heating stations 1 and 2 are less than, 33% of the total.   


  
HAP emissions calculations are based on installation of BACT/LAER/MACT control technology, (i.e. baghouse, SCR, FGD, 
good combustion, sorbent injection, use of ultra low sulfur fuel, use of natural gas for HAP control). Please see the Table 3 
for a listing of the controls that will be in place on the emission sources. 


Ammonia 


Ammonia emissions are expected from the use of SCR at the SCPC boiler. Ammonia is regulated under Table 1 of Wis. 
Admin. Code ch. NR 445. For ammonia, compliance with an acceptable ambient air concentration established by rule is 
required. 


The proposed ammonia emission limit from the SCPC boiler is 3 ppm, which is equivalent to 55.52 Ibs/hour from the 
SCPC boiler stack. The threshold value for ammonia from stacks in excess of 25 feet, according to Table 1 of Wis. 
Admin. Code ch. NR 445 is 6.28 pounds per hour. 
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Since the SCPC boiler may emit ammonia in excess of the table value, NR 445 requires that dispersion modeling be 
performed to demonstrate that the maximum ambient concentrations of ammonia do not exceed 2.4 percent of the 
threshold limit value (TLV) established by the American Conference of Governmental and Industrial Hygienists (ACGIH). 


The ACGIH, 2001 standards list a TLV of 25 ppm for ammonia. This is equal to 17,678 ug/m3. Ten percent (1 hour value) of 
this TLV would be 1,767 ug/m3, and 2.4 percent (24 hour value) of the TLV would be 424 ug/m . 
The air quality modeling shows that the 24-hour modeled impact would be 4.80 ug/m3, and that the annual 
impact would be 0.20 ug/m3. Based on the modeling results, Weston 4 Project will meet the acceptable ambient 
concentration standards under NR 445 for ammonia.  


 
Sulfuric Acid Emissions 


Sulfuric acid emissions are expected to be emitted from combusting fuels in SCPC boiler, diesel booster pump, 
diesel fire pump, auxiliary boilers and natural gas heating stations 1 and 2. Since sulfur dioxide is a precursor to 
sulfuric acid mist, potential control technologies used to prevent or control sulfur dioxide also apply to sulfuric acid 
mist. All BACT and LAER determinations in the USEPA Clearinghouse were reviewed. The top down BACT 
analysis for sulfuric acid mist emissions for these sources is included as part of Attachment 4 - 


The net increase in sulfuric acid emissions from the project are 113.3 tons per year (greater than 10 tons per year) (Please 
see Table 2), sulfuric acid is not a federal hazardous air pollutant. The emissions of sulfuric acid will be above the significant 
emission level of 7 tons per year. Thus the emissions of sulfuric acid (mist) constitute significant emissions under PSD rules. 
Therefore, this pollutant is required to employ Best Available Control Technology (BACT) under PSD rules. 


The USEPA has established a new source performance standard (NSPS) for sulfuric acid mist from the sulfuric acid 
plant. There are no NSPS standards for sulfuric acid from the boilers or diesel engine booster pump, diesel fire 
pump and natural gas heating stations 1 and 2. 


Emissions of sulfur dioxide from the SCPC Boiler can be controlled by limiting sulfur content in the fuel, limiting high 
sulfur fuel usage, or by a post combustion flue gas desulfurization (FGD) system. The fuel, for the SCPC boiler will 
be PRB coal. The fuel for the heating stations 1 and 2 will be natural gas. The fuel for the auxiliary boilers will be 
natural gas. The fuel for the diesel booster pump and the fuel for the emergency fire pump will be ultra low sulfur fuel 
oil having 0.003% sulfur content by weight. 


Current RACT/BACT/LAER Clearinghouse documents do not list any heating stations, auxiliary boiler, diesel 
booster pump and diesel fire pump that are required to use FGD to meet sulfur dioxide emission limit. Weston 4 
Project will use dry FGD to control sulfur dioxide emissions from the SCPC boiler. Thus 
this control technology will also be used to control sulfuric acid mist emissions.   Removal efficiency greater 
than 90 percent can be achieved using this technology which was also selected BACT for sulfur dioxide. 


The facility will also control sulfuric acid (H2SO4) emissions from the auxiliary boiler and heating stations using 
natural gas, diesel booster pump and diesel fire pump through the use of ultra low sulfur fuel oil having a 
maximum sulfur content of 0.003% sulfur. The use of these fuels will be BACT for H2SO4. Also the hourly 
emission rate for sulfuric acid will be established in the proposed permit for the SCPC boiler, auxiliary boiler, 
diesel booster pump, diesel fire pump and heating stations 1 and 2. 


 
The Tables 26, 27, 28, 29 and 30 identify the sulfuric acid BACT emission limits that will be  
imposed on the SCRC boiler, auxiliary boiler, diesel booster pump, diesel fire pump and the heating  
stations 1 and 2. 
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Mercury  
 


Mercury is a PSD pollutant listed in Table A of s. NR 405.02(27)(a), Wis. Adm. Code. As such, PSD review 
of this pollutant is required. The PSD significant net emission level for mercury is 0.1 tons per year. The 
annual mercury emissions from the Weston 4 Project are expected to be 0.039 ton per year after control 
(BACT and case by case MACT). The Weston4 Project is a major source for HAPs thus a case by case 
MACT applies. Please see the next section for the case by case MACT determination. Mercury emissions 
are subject to case by case MACT. WPSC - Weston Power Plant has provided a top down BACT analysis 
for mercury emissions from the Weston 4 Project. The mercury BACT review for the Weston 4 project can 
be found in the Compliance and Technology Review section. The case by case MACT determination for 
mercury for the Weston 4 sources is summarized in Table 20.  The Weston 4 project is a major source for 
HAPs thus a case by case MACT applies. Please see the next section 
for case by case MACT determination.  


 


Case-by-case MACT  


 
Hazardous air pollutant emission rates are provided in Table 19. Hourly HAP emissions from each of the 
proposed sources at the Weston 4 Project are summarized in the Table that is included as Attachment 3. All 
of the potential HAPs that may be emitted from the project are a subset of particulate matter emissions, 
Inorganic acid emissions and VOC emissions. 


The EPA's regulation of hazardous air pollutants (HAPs) has, since 1996, involved a case-by-case maximum 
achievable control technology (MACT) as set out in 40 CFR Part 63 Subpart B. Those regulations require 
case-by-case determinations of MACT for each "major source" of HAPs constructed or reconstructed after 
an effective date which are listed by EPA and have yet to have a MACT standard promulgated. Electric utility 
steam generating units had been exempted from the case-by-case provisions because they were not yet 
added to the source category list. On December 14, 2000, the EPA added coal- and oil-fired power plants to 
the Section 1 12(c) list of HAP sources, making coal- or oil-fired electric utility steam generating units that are 
constructed or reconstructed after December 14, 2000 subject to the case-by-case provisions until the EPA 
promulgates a nationally applicable MACT standard to address them. The EPA expects to promulgate a final 
standard in 2004. Thus, a case-by-case MACT determination for the WPS - Weston Power Plant SCPC 
unit would need to be completed. 


MACT for industrial, commercial and institution boilers has been signed but has not been published in the 
federal register. Thus the case by case MACT established for this category of source in the proposed draft 
permit is identical to the signed MACT for industrial, commercial and institutional boilers. 


MACT for the natural gas heating stations 1 and 2 falls under the industrial, commercial and institutional boilers 
and process heaters MACT that has been signed. Since the heat input of these heating stations are less than 
10 mmBtu/hr, it doesn't have any emission limitations. 


MACT for reciprocating internal combustion engines (RICE) was just published June 15, 2004 in the 
federal register. A case by case MACT on the diesel fire pump and diesel booster pump does not apply 
to stationary units with a site rating of 500 brake HP or less. The proposed units have a rating of 265 
brake HP. Therefore the MACT will not apply. 
 
The requirements for case by case MACT application are detailed in 40 CFR 64.43. USEPA has indicated -
that it intends to propose the MACT standards by December 2004. In the absence of the rules, a case by 
case MACT determination needs to be made for HAPs. The MACT analysis is included as part of the 
Attachment 4. 


Since the project will be a major HAP source, the following information was provided by WPSC - Weston 
Power Plant to comply with MACT requirements. 


Expected commencement date for the construction of the major MACT source: Construction of the 
proposed project is planned to commence in As soon as the permit is issued and is contingent on 
approval of the permit application. 
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The expected completion date for the construction of the major MACT source: The expected completion 
date for construction for the first SCPC boiler is anticipated to be around June 2007. 


The anticipated date of start-up for the constructed MACT source: The estimated date of start-up of the unit 
will be June 1.2007. 


Federally enforceable emission limits applicable to the project include NSPS (40 CFR 60. Subpart GG) and 
BACT for criteria pollutants and LAER for nonattainment area pollutants: A discussion of NSPS applicability 
has been provided in the Rule Applicability Section of this document. 


A recommended emission limitation for the constructed major MACT source consistent with the principles 
set forth in 40 CFR Part 63: 40 CFR Part 63 sets forth the principles and criteria for making a MACT 
determination, which are very similar, though less stringent, to the criteria used for making a BACT/LAER 
determination for NSR regulated criteria and non-criteria pollutants. These include: (1) establishing a level of 
control which is at least as stringent as that which is achieved in practice by the best controlled similar 
source; (2) achieving the maximum degree of reduction which can be achieved considering the costs and 
environmental and energy impacts of the control technologies evaluated; (3) recommending a specific 
design, equipment, work practice, operational standard, or combination thereof; and (4) consideration of 
presumptive MACT determinations adopted by EPA for this source category. 


Trace levels of metallic HAPs will be emitted from the combustion sources since trace metals are inherent 
constituents of fuels. Metallic HAPs can be broken down into three distinct categories: low volatile, semi 
volatile and high volatile metals. The low and semi volatile metals (antinomy, arsenic, beryllium, chromium, 
cobalt, lead, manganese, nickel and selenium) are either removed through the bottom ash, in which case 
they never become airborne, or else readily adhere to the fly ash and are removed through the particulate 
control devices. A search of RBLC database was conducted to determine what controls for the metallic 
HAPs have been implemented. BACT for metallic HAPs is listed as a baghouse or a combination baghouse 
and FGD scrubber system and /or sorbent injection system from coal fired boilers. For boilers that fire 
natural gas, good combustion measures are determined to be BACT for control of the metallic HAP 
emissions. 


The RBLC database was also queried to determine what controls for gaseous HAPs (hydrogen chloride, 
hydrogen fluoride) are listed. BACT for coal fired sources is listed as a scrubber system and for natural gas 
is listed as low sulfur fuel. At this facility they will fire natural gas in the auxiliary boiler. These techniques 
have also been determined to be BACT for sulfur dioxide emissions controls. 


Trace quantities of organic products of incomplete combustion will be emitted and these are controlled by 
implementation of BACT for CO and VOC. 


A BACT analysis for VOC emissions was conducted for the proposed project as part of this permit 
application and BACT analysis was conducted for particulate matter emissions and inorganic acids. (Please 
see the Compliance and Technology Review Section). A search of the RBLC database was conducted to 
determine what control for organic HAPs are listed for coal fired boilers, natural gas fired boiler.   BACT for 
organic HAPs from similar sources is listed as combustion controls, and no indication is given of units 
installing additional control devices to limit organic HAP formation.   Please see the Compliance Technology 
Review Section for the BACT/LAER determination for the proposed Weston 4 Project sources. 
 
Other VOC control technologies are not suitable for solid fuel fired boilers. Catalytic reduction using 
oxidation catalyst converts VOCs into CO and water. However, this technology is not feasible for solid fuel 
boilers because ash in the gas stream will destroy the catalyst after a very short period of operation. Weston 
4 project will use good combustion practices to control organic HAPs in accordance with the practices 
currently in use at the best controlled sources. 


HAP emissions from the project will be in the form of VOCs and are accounted for in the total VOC emission 
rate and in the form of particulate matter. They are accounted for in the total particulate matter emission rate 
and in the form of inorganic acid. 
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The BACT determination presented in the Compliance and Technology Review Section will, therefore, also 
apply to volatile organic HAP emissions. Similarly BACT determination presented in the Compliance and 
Technology Review Section will, therefore apply to inorganic metal HAPs and inorganic acid HAP. 


Table 20 B summarizes the case-by-case MACT for ERSG HAPs emission sources- 
 


Table 20 B 
 


Type of 


SCPC boiler  Aux. Boilers
Inorganic Solid 
HAPs  


Complying with 
the PM emission 
limit  


Use of natural gas 
and fuel oil and 
complying with the 
PM BACT limits


Inorganic Acid 
HAPs  


Complying with 
and meeting the 
SO2 emission limit  


Use of natural gas 
and fuel oil  


Organic HAPs  Complying with 
and meeting the 
VOC emission 
limit  


Complying with and 
meeting the VOC 
emission limit  


Mercury  Multi-pollution 
controls  


Use of natural gas 
and fuel oil and 
complying with 
meeting PM 
emission limit  
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COMPLIANCE AND TECHNOLOGY REVIEW 


The Weston 4 Project is classified as a major modification to the existing WPSC - Weston Power Plant 
major stationary source for Prevention of Significant Deterioration (PSD) regulatory purposes. Therefore, a 
PSD permit application is required for all pollutants emitted by the Weston 4 project above the PSD 
significant emission levels. 


PSD review is a federal program for new major sources of regulated pollutants or major modifications to 
existing major sources. EPA has approved PSD review authority to the DNR who implements the program 
through the construction permit process. The Wisconsin PSD program is found in NR 405, Wis. Adm. 
Code. The project is considered a major modification to a major source because it has the potential 
emissions of each pollutant exceeding the PSD threshold level. 


The net emissions increases from the proposed modification are summarized in the Table 2. The 


PSD program objectives are: 


1.    To ensure that economic growth will occur in harmony with the preservation of existing clean air 
        resources.  
2.    To protect the public health and welfare from any adverse effect that might occur even at air 
       pollution levels better than the NAAQS. 
3. To preserve, protect, and enhance the air quality in areas of special natural recreational, scenic, or 
       historical value, such as national parks and wilderness areas. 
 
The major elements of a PSD review include: 
• Control Technology Review (Wis. Admin. Code § NR 405.08) 
• Air Quality Analysis (Wis. Admin. Code § NR 405.11) 
• Source Impact Analysis (Wis. Admin. Code § NR 405.09) 
• Additional Impacts Analysis (Wis. Admin. Code § NR 405.13) 


Any major stationary source or major modification subject to Prevention of Significant Deterioration (PSD) 
must conduct an analysis to ensure the application of best available control technology (BACT). 


The requirement to conduct a BACT analysis and determination is set forth in section 165(a)(4) of the 
Clean Air Act (Act), in federal regulations at 40 CFR 51.166(j), and in the SIP's of the various States at 40 
CFR Part 52, Subpart A - Subpart FFF. The BACT requirement is defined as: 


"an emissions limitation (including a visible emission standard) based on the maximum degree of 
reduction for each pollutant subject to regulation under the Clean Air Act which would be emitted 
from any proposed major stationary source or major modification which the Administrator, on a 
case-by-case basis, taking into account energy, environmental, and economic impacts and other 
costs, determines is achievable for such source or modification through application of production 
processes or available methods, systems, and techniques, including fuel cleaning or treatment or 
innovative fuel combustion techniques for control of such pollutant. In no event shall application of 
best available control technology result in emissions of any pollutant, which would exceed the 
emissions allowed by any applicable standard under 40 CFR Parts 60 and 61. If the Administrator 
determines that technological or economic limitations on the application of measurement 
methodology to a particular emissions unit would make the imposition of an emissions standard 
infeasible, a design, equipment, work practice, operational standard, or combination thereof, may be 
prescribed instead to satisfy the requirement for the application of best available control technology. 
Such standard shall, to the degree possible, set forth the emissions reduction achievable by 
implementation of such design, equipment, work practice or operation, and shall provide for 
compliance by means which achieve equivalent results." 


During each BACT analysis, which is done on a case-by-case basis, the reviewing authority evaluates the 
energy, environmental, economic and other costs associated with each alternative technology, and the 
benefit of reduced emissions that the technology would bring. 
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The reviewing authority then specifies an emissions limitation for the source that reflects the maximum 
degree of reduction achievable for each pollutant regulated under the Act. In no event can a technology be 
recommended which would not meet any applicable standard of performance under 40 CFR Parts 60 (New 
Source Performance Standards) and 61 (National Emission Standards for Hazardous Air Pollutants). 


On December 1,1987, the EPA Assistant Administrator for Air and Radiation issued a memorandum that 
implemented certain program initiatives designed to improve the effectiveness of the NSR programs within 
the confines of existing regulations and state implementation plans. Among these was the "top-down" 
method for determining best available control technology (BACT). 


In brief, the top-down process provides that all available control technologies be ranked in descending 
order of control effectiveness. The PSD applicant first examines the most stringent-or "top"-alternative. 
That alternative is established as BACT unless the applicant demonstrates, and the permitting authority in its 
informed judgment agrees, that technical considerations, or energy, environmental, or economic impacts 
justify a conclusion that the most stringent technology is not "achievable" in that case. If the most stringent 
technology is eliminated in this fashion, then the next most stringent alternative is considered, and so on. 


The BACT requirement applies to each individual new or modified affected emissions unit and pollutant 
emitting activity at which a net emissions increase would occur. Individual BACT determinations are 
performed for each pollutant subject to a PSD review emitted from the same emission unit. Consequently, 
the BACT determination must separately address, for each regulated pollutant with a significant emissions 
increase at the source, air pollution controls for each emissions unit or pollutant emitting activity subject to 
review. 
 
SCPC Boiler:- 


The emissions of nitrogen oxides (NOx), carbon monoxide (CO), particulate matter (PM10), sulfur dioxide, Volatile 
organic compounds (VOC), Beryllium (Be), lead, fluoride (HF), mercury and sulfuric acid mist (H2Sp4) are 
subject to BACT.   The BACT analysis for the SCPC Boiler is included as part of the Attachment 5. 
 
Particulate Matter and PM10 


Particulate matter and PM10 emissions result from the combustion of the fuel. Emission estimates 
provided by WPSC - Weston Power Plant have determined that the both particulate matter and PM10 will 
be emitted in significant quantities. Thus, sources of emissions of these, pollutants are subject to BACT 
requirements.    


 
WPSC - Weston Power Plant has conducted a review of solid fuel/fired boilers within US EPA's 
RACT/BACT/LAER Clearinghouse (RBLC). The following Table 21 summarizes the WPSC - Weston Power 
Plant review: This information is also included in Appendix D of the air permit application. 


 
Table 21 


Four Most Stringent Particulate Matter and PTvl10 Control Levels of Solid Fuel Fired Boilers (PRB coal)  


Source  State Agency  Emission Limitation (pound per million Btu)  


Mid American Energy  IA  0.025 (99.7%)  


Wygen2  WY  0.012  


Hawthorn  MO  0.018  


ERGS  Wl  0.018  
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WPSC - Weston Power Plant concluded from this (RBLC) review that the only technology that has been 
applied for the control of particulate matter and PM10 emissions from SCPC and other solid fuel fired 
boilers has been fabric filter baghouses since 1994. Other control alternatives were also explored by 
WPSC - Weston Power Plant including electrostatic precipitators, wet scrubbers and mechanical 
collectors. WPSC - Weston Power Plant has concluded that the use of fabric filter baghouses provide the 
most stringent and reliable method of control of particulate matter and PM10 emissions from the boiler. 
Thus WPSC - Weston Power Plant has proposed the use of a fabric filter baghouse to control particulate 
matter and PM10 emissions from the boiler resulting in a proposed BACT emission rate of 0.020 pound per million 
Btu of heat input (pound per million Btu).   
 
For a more detail discussion of the control alternatives reviewed please see Attachment 5 of this 
document. 
   


Sulfur Dioxide Emissions 


Emissions of sulfur dioxide result from the combustion of solid fuel by the boiler. Emission estimates provided by 
WPSC - Weston Power Plant have determined that sulfur dioxide will be emitted in significant quantities. Thus, 
sources that emit sulfur dioxide are subject to BACT requirements. 


WPSC - Weston Power Plant has evaluated strategies for controlling sulfur dioxide emissions and found potential 
strategies to be as follows: 


1. Flue Gas Desulfurization (FGD) 
2. Low Sulfur Fuels. 


 
Several technologies are available to control SO2 emissions. Wet flue gas desulfurization (wet FGD) and 
Dry FGD are the most commonly applied technologies. 


Wet FGD has the potential to achieve the lower emissions among the available control technologies. Wet 
FGD is an established technology and is normally applied to high sulfur coal applications. In recent years 
Wet FGD suppliers have provided performance removal guarantees in the mid nineties for high sulfur 
applications. It should be noted that there is an inherent difference between the short-term basis of an 
equipment supplier's guarantee and the "life of plant" 30-day average basis for a BACT emission limit in a 
PSD permit. 


Wet FGD is a mature technology that is available from a number of suppliers. In a Wet FGD system, the 
flue gas passes through recirculating alkaline slurry that collects the SO2. 


Most Wet FGD use limestone or lime as the alkali source. The facility expects to utilize the limestone 
forced oxidation (LFSO) process in the Wet FGD system. The waste product from the LFSO process is 
gypsum, which can potentially be sold as a byproduct. Gypsum could be used for wallboard production, 
cement fillers or as an agriculture soil amendment. WPSC - Weston Power Plant will be firing PRB coal 
having a sulfur content of 1.25 pounds SO2 per million Btu. 


WPSC - Weston Power Plant has conducted a review of solid fuel fired boiler's burning coal within 
USEPA's RACT/BACT/LAER Clearinghouse (RBLC). The following table 22 summarizes the WPSC -
Weston Power Plant review. This information is also included in Appendix D of the air permit application.
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Table 22 
 


Source  State Agency  Emission Limitation 


(pound per million Btu)  


% SO2 


Reduction  


Mid American Energy  IA  0.10  92%  


Encoral Corp.  WY  0.20  73%  


Wyegn2  WY  0.10  -  


Great Plains Power -Weston 


Bend  


Missouri  0.126 (30-day)  92%  


Thoroughbred Generating 


Company  


Kentucky  0.1 67 (30-day)  90%+  


ERGS  Wisconsin  0.1 50 (30-day)  96%+  


In a Dry FGD, flue gas contacts alkaline slurry to remove SO2 using essentially the same primary chemical 
reactions as a Wet FGD. However, the quantity of water introduced to the flue gas in a Dry FGD is limited 
so that the flue gas does not reach saturation temperature. The Dry FGD product and fly ash is then 
collected in the particulate control equipment (usually a baghouse) located downstream of the FGD system 
along with the fly ash. Dry FGD is a well-established technology that is commercially available from 
numerous vendors. 


There are environmental advantages and disadvantages associated with a Dry FGD system. The most 
salient advantage of dry technology is superior performance in controlling fine particulate and sulfuric acid 
mist emissions relative to Wet FGD. Improved particulate control accrues from the relative positioning of 
the FGD and baghouse. With Wet FGD, the particulate control equipment must be located upstream of 
the wet SO2 absorber, and liquid carryover from the FGD mist eliminators contributes to fine particulate 
emissions. In a dry system, the highly efficient baghouse is downstream from the FGD. As the final 
control device in the entire system, the baghouse prevents any solids re-entrainment and carryover into 
stack emissions. A Dry FGD system can be expected to provide 90 percent control of sulfuric acid mist. A 
Wet FGD system will typically only provide 50 percent control. 


According to a U.S. DOE study, metallic HAP emissions will be lower for a Dry FGD system than for a Wet 
FGD system, taking into account the associated participate control devices for each system.  Most HAPs 
are trace constituents of particulate matter and some HAPs are semi-volatile. A Dry FGD followed by a 
baghouse (operating at lower temperature than if installed upstream of the FGD system) provides greater 
control and removal of metallic HAPs than a comparable Wet FGD system would. 


Dry FGD has an additional environmental advantage in that the stack gas conditions are maintained 
above the moisture dew point. Consequently, the vapor plume from Dry FGD will be significantly less 
pronounced than for Wet FGD. This not only leads to an aesthetic benefit, but also reduces the potential for 
sporadic acid rainout episodes in the immediate plant area. 


An environmental disadvantage of a Dry FGD/baghouse system stems from the co-collection of FGD 
waste and fly ash. Uncontaminated fly ash can frequently be recycled as a useful product if certain quality 
criteria are met. Fly ash contaminated with FGD wastes diminishes the recycling potential of this material, 
and increases the likelihood that both products would require landfill disposal. 


Energy is used by a Dry FGD for pumping, atomization of the slurry, and for fans to overcome the gas 
pressure loss across the control system. The total energy consumption for a Dry FGD is considerably 
lower than for a Wet FGD system. The energy consumption for the Weston Unit 4 Dry FGD is estimated to 
be approximately 40 percent of that for a wet system. This corresponds to a substantial saving in auxiliary 
power consumption of approximately 6 MW.
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An economic evaluation was performed to evaluate the impact of installing a Dry FGD. The cost of installing 
a Wet FGD exceeds the cost of a Dry FGD by approximately $17 million. (For details please see the 
Attachment 5) 


Wet FGD will not provide lower SO2 emissions from Weston Unit 4, and significant environmental, 
economical, technical, and energy considerations argue for the selection of Dry FGD with an emission rate of 
0.10 Ib/MMBtu on a 30-day rolling average as BACT for Weston Unit 4. Specifically, a Dry FGD followed by 
a baghouse provides the greatest level of control available for PM10, fine particulates, sulfuric acid mist, and 
HAPs. Ground level concentrations for all pollutants will likely be lower with a Dry FGD compared to a Wet 
FGD. Also, the vapor plume from a Dry FGD will be significantly less pronounced than with a Wet FGD. 


The cost of installing and operating a Wet FGD is significantly more than the cost of a Dry FGD. Annual costs for 
the wet system exceed the cost for Dry FGD by $ 1.4 million.  


 
For a more detail discussion of the control alternatives reviewed please see Attachment 5 to this document. 
This information is also included in Appendix D of the air permit application.    
 
Oxides of Nitrogen Emissions: 


Emissions of nitrogen oxides result from the combustion of the solid fuel by the boiler. Emission estimates 
provided by WPSC - Weston Power Plant have determined that nitrogen oxides will be emitted in significant 
quantities. Thus, sources of emissions of these pollutants are subject to BACT requirements. 


WPSC - Weston Power Plant has evaluated strategies for controlling emissions of oxides of nitrogen and 
found potential strategies to be as follows, in the order of decreasing control efficiencies: 


1. Selective Catalytic Reduction (SCR) 
2. Selective Non-Catalytic Reduction (SNCR) 
3. Combustion Controls 
4. Rich reagent injection (RRI) 


WPSC - Weston Power Plant has conducted a review of solid fuel fired boilers within USEPA 's 
RACT/BACT/LAER Clearinghouse (RBLC) and National Coal Database. The following Table23 
summarizes the WPSC - Weston Power Plant review. This information is also included in Appendix D of the 
air permit application. 


 
Table 23 
 


Four Most Stringent Nitrogen Oxides Control Levels of Solid Fuel Fired Boiler firing PRB coal  


Source  State Agency  Emission Limitation (pound per million 


Btu)  


Mid American Energy  IA  0.07  


Wygen2  WY  0.07  


Monovaley Energy  WY  0.16  


Keystone Systems  NJ  0.17  


WPSC - Weston Power Plant concluded from this (RBLC) review the primary and most efficient technology 
that has been applied for the control of emissions of nitrogen oxides from solid fuel fired boilers has been 
SCR. 


SCR is generally combined with combustion control methods to achieve the greatest overall reduction. Since 
SCR provides the highest degree of NOx control, the facility did not examine SNCR and RRI. For a detailed 
description of the BACT technology, please see Attachment 5 to this document. 
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Since SCR technology utilizes ammonia, there is a potential for unreacted ammonia emitted from the system,  
this issue is referred to as ammonia slip. The potential ammonia slip is examined under the Hazardous Air 
Pollutant Review section of this document. 


WPSC - Weston Power Plant has proposed as BACT for the emission of nitrogen oxides the use of SCR in 
conjunction with good combustion practices. WPSC - Weston Power Plant has proposed a BACT limit of 0.07 
pound per million Btu of heat input excluding startup and shut down averaged over any consecutive 30-day period. 
WPSC - Weston Power Plant has also proposed an ammonia emission limit of 3 parts per million and 55.52 
pounds per hour. 


Start up period for the SCPC boiler begins with the firing of fuel and ends when the temperature of the flue gas 
entering selective catalytic reduction (SCR) system exceeds 580 degrees F. 


The shut down period begins when the temperature of the flue gas entering SCR system temperature drops below 
580 degrees F, and shall end with the cessation of flame. 


In order to meet BACT, a limit of 0.07 pound per million Btu of heat input for all periods, including startup and shut 
down averaged over any consecutive 12- month period also will be established. 


WPSC - Weston Power Plant will install and operate a continuous emissions monitoring system for NOx to 
demonstrate compliance with the BACT limits. 


Carbon Monoxide 


Emissions of carbon monoxide result from the combustion of the solid fuel by the boiler. Emission estimates 
provided by WPSC - Weston Power Plant have determined that carbon monoxide will be emitted in significant 
quantities. Thus, sources of emissions of this pollutants are subject to BACT requirements. 


WPSC - Weston Power Plant has conducted a review of solid fuel fired boilers within USEPA's 
RACT/BACT/LAER Clearinghouse (RBLC) and National Coal data base. The following table 24 
summarizes the WPSC - Weston Power Plant review:  
 


Table 24 
 


Four Most Stringent Carbon Monoxide Control Levels of Solid Fuel Fired Boilers firing PRB coal  


Source  State Agency  Emission Limitation (pound per million 


Btu)  


Mid American Energy  IA  0.154  


Wygen2  WY  0.15  


Enacol Corporation  WY  0.15  


WPSC - Weston Power Plant has recognized in their analysis that there are primarily two methods for 
controlling carbon monoxide emissions from SCPC boilers: oxidation catalysts and good combustion 
practices. Because of rapid catalysts poisoning due to sulfur containing compounds and alkaline metals 
resulting in deactivation of the catalyst, the use of an oxidation catalyst is not a technically feasible means of 
emission control. WPSC - Weston Power Plant review of the RBLC found that a similar conclusion had been 
reached in similar PSD permit reviews nationwide. 


Thus WPSC - Weston Power Plant concluded from this (RBLC) review the primary and most efficient 
technology that has been applied for the control of emissions of carbon monoxide from SCPC boiler and other 
solid fuel fired boilers has been good combustion practices. For a detailed description of control technology 
reviewed, please see Attachment 5 to this document. 
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WPSC - Weston Power Plant has proposed as BACT for the emission of carbon monoxide the use of 
good combustion practices. WPSC - Weston Power Plant has proposed an BACT emission limitation of 
0.15 pound per million Btu of heat input for the emission of carbon monoxide averaged over a 24-hour 
period. 


This limit excludes periods of startup, shut down. None of the boiler manufacturers will guarantee an 
emission rate at non-steady state operation. This is because it is very difficult to predict emissions during 
non-steady state operation. When mills are brought in or out of service, CO levels will temporarily spike, 
resulting in significant, though temporary, impact on emissions. This phenomenon is further exasperated 
during boiler startup due to cooler boiler temperatures and difficulty of mixing air with flue gas at low loads. 


To account for the temporary spike an annual CO BACT limit of 3398.7 tons in any 12 consecutive months for 
all periods including startup and shut down will also be established. The annual limit is based on: (0.15 pound 
per million Btu heat input, BACT limit) x (heat input of the boiler, 51 73.08 mmBtu per hour) x (8,760 hours per 
year operation) x (ton/2000 pounds). 


Start up period for the SCPC boiler begins with the firing of fuel and ends when the temperature of the flue 
gas entering selective catalytic reduction (SCR) system exceeds 580 degrees F. The shut down period 
begins when the temperature of the flue gas entering SCR system temperature drops below 580 degrees F, 
and shall end with the cessation of flame. 


WPSC - Weston Power Plant has proposed as BACT for the emission of carbon monoxide the use good 
combustion practices. 


Good combustion generally includes the following components or characteristics: 


- Staged combustion to minimize NOx formation. 
- Good air/fuel mixing in the combustion zone. 
- High Temperature and low oxygen levels in the primary combustion zone. 
- Overall excess oxygen levels high enough to complete combustion 
- Sufficient residence time to complete combustion 


In PC boilers, combustion control is the most effective means of reducing CO emissions. Combustion 
efficiency is directly related to the three T's of combustion: Time, Temperature and Turbulence. 


These components of combustion efficiency are designed into utility scale PC boilers to maximize fuel 
efficiency and reduce the highest single operating cost of utility boilers: fuel. A fourth important parameter is 
the level of oxygen in the boiler, often referred to as the excess air or excess oxygen level. Therefore the 
combustion control will be accomplished primarily through boiler design and boiler operations. 


The facility will be required to monitor, record and maintain the ranges of the following parameters to meet 
good combustion practices. 


Furnace outlet temperature 
Secondary air flow 
Primary air flow 
Fuel flow rate 
Residence time (by calculations only) 


Sulfuric Acid Mist Emissions 


Emissions of sulfuric acid mist result from the combustion of solid fuel by the boiler. Emission estimates 
provided by WPSC - Weston Power Plant have determined that sulfuric acid mist will be emitted in 
significant quantities. Thus, sources that emit sulfur dioxide are subject to BACT requirements. 
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Sulfuric acid mist emissions result as a by-product of SO2 emissions resulting from the oxidation of SO2 
and then its combination with water vapor. Therefore, control technologies for SO2 will also reduce sulfuric 
acid mist emissions. As with sulfur dioxide emissions, the best available control technology applicable to 
sulfuric acid mist emissions is determined to be the use of a dry FGD system. This approach to control 
results in a BACT emission limitation of 0.005 pound per million Btu heat input averaged over a 24-hour 
period. 


Volatile Organic Compounds 


Emissions of volatile organic compounds result from the combustion of the solid fuel by the boiler. WPSC - 
Weston Power Plant did examine VOC emission limitations on the RACT/BACT/LAER Clearinghouse 
(RBLC). The following table 25 summarizes the WPSC - Weston Power Plant's review. 


 
Tab le  25     


 
Four Most Stringent Volatile Organic Compound Control Levels of Solid Fuel Fired Boilers  


Source  State Agency  Emission Limitation (pound per million 


Btu)  


Mid America Energy  IA  0.0036  


Wygen2  WY  0.01  


Encoal Corp  WY  0.05  


Council Bluff  IA  0.0036  


Sand Sage  KS  0.0035  


ERGS (proposed)  Wl  0.0035  


The most stringent emission limit for VOC emissions from similar PC boilers in the RBLC was 0.0036 pound 
per million Btu. 


WPSC - Weston Power Plant has recognized in their analysis that there are several methods for controlling 
VOC emissions from SCPC boilers: oxidation catalysts, Thermal oxidation, good combustion practices and 
low boiler load operations. Because of rapid catalysts poisoning due to sulfur containing compounds and 
alkaline metals resulting in deactivation of the catalyst, the use of an oxidation catalyst is not a technically 
feasible means of emission control. 


Thermal oxidation reduces VOC emissions. The thermal oxidation system must be placed downstream of the 
baghouse. At this location, the gas temperature must be increased from the typical baghouse outlet 
temperature of 300 degrees F to the thermal oxidation temperature of 1,500 degrees F, firing a natural 
gas fired burner. While this technology is used successfully on many different processes with VOC 
concentrations ranging from 500 - 1000 ppm or more, the VOC concentration in the flue gases from the PC 
boilers will be less than 10 ppm. The duct burner has a VOC emission rate of 0.020 pound per million Btu, versus 
a coal-fired boiler VOC emission rate of 0.0036 pound per million Btu. Based on this emission factor, the use of 
thermal oxidation would result in increase in VOC emissions, making this technology counterproductive for the 
control of VOC emissions from these boilers. 


At low boiler loads, combustion temperatures decreases and this reduction in temperature may results in 
increased VOC and CO emissions. As with CO emissions, information from similar operating SCPC boilers 
indicates that low load operation may results in VOC emission rates approximately twice as high as those that 
can be achieved at full load conditions. 
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WPSC - Weston Power Plant review of the RBLC found that a similar conclusion had been reached in similar 
permit reviews nationwide. Thus concluded from this RBLC review the primary and most efficient technology 
that has been applied for the control of emissions of VOC from solid fuel fired boilers has been good combustion 
practices. For a detailed description of good combustion control technology, please see Attachment 5 to this 
document. 


 
WPSC - Weston Power Plant has proposed an emission limitation for VOC at a level of 0.0036 pound per 
million Btu of heat input that has been proposed to be met using good combustion practices averaged over a 30-
day period. 


This limit excludes periods of startup and shut down. None of the boiler manufacturers will guarantee an 
emission rate at non-steady state operation. This is because it is very difficult to predict emissions during non-
steady state operation. When mills are brought in or out of service, VOC levels will temporarily spike, resulting in 
significant, though temporary, impact on emissions. This phenomenon is further exasperated during boiler 
startup due to cooler boiler temperatures and difficulty of mixing air with flue gas at low loads. 


Also an annual VOC BACT limit of 81.60 tons in any 12 consecutive months for all periods including startup and 
shut down will also be established. The annual limit is based on: (0.0036 pound per million Btu heat input, LAER 
limit) x (heat input of the boiler, 5173.07 mmBtu per hour) x (8,760 hours per year operation) x (ton/2000 pounds). 


Start up period for the SCPC boiler begins with the firing of fuel and end when the temperature of the flue gas 
entering selective catalytic reduction (SCR) system exceeds 580 degrees F. The shut down period begins 
when the temperature of the flue gas entering SCR system temperature drops below 580 degrees F, and shall 
end with the cessation of flame. 


WPSC - Weston Power Plant will demonstrate compliance with the VOC emission limit by monitoring CO 
emissions with the CO CEMS. WPSC - Weston Power Plant will use the following equation to determine actual 
VOC emissions. 


VOC (actual) = VOC (limit) x (CO actual/CO limit) 


 Lead 
 
Emissions of lead result from the combustion of the solid fuel by the boiler. Since lead is emitted as a 
particulate matter emission, lead will be controlled by the fabric filter control system at the same level as 
particulate matter emissions. WPSC - Weston Power Plant has proposed an emission limitation for lead, based 
upon the use of the particulate matter control system, of 0.13 pound per hour. Based upon the emission 
rate proposed by WPSC - Weston Power Plant, potential emissions of lead are considered to be significant 
under PSD definitions and thus subject to BACT. 
 
Mercury 


During the combustion process, minute quantities of mercury that may be present in the coal are vaporized in 
the boiler. Mercury is present in the flue gas as elemental mercury, oxidized mercury and particulate bound 
mercury. The ability to capture mercury is affected by the mercury speciation. Factors that affect mercury 
speciation and control include coal properties, combustion conditions, control equipment, types and configuration 
and operating temperatures of the control equipment.  For a detailed control technology review, please see the 
attachments 4 and 5. 


Mercury is captured across sulfur dioxide and particulate control equipment at varying levels of control. 
The ability of air pollution control equipment to remove mercury from the flue gas varies significantly 
depending on whether its elemental or oxidized form. The oxidized form of mercury is water soluble and 
relatively easy to remove with FGD systems. However, elemental mercury is not water-soluble and 
therefore cannot be effectively controlled by FGD system or PM control. Both elemental and oxidized 
mercury can be absorbed on to pours solid (such as fly ash, calcium based FGD sorbents or activated 
carbon) and removed from the flue gas using particulate controls. Oxidized mercury is more easily 
absorbed than elemental mercury.
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Particulate bound mercury is readily captured using PM control device such as ESP or baghouse. As 
noted the control technology selected for PM acid gases and non-mercury HAP metals is dry FGD, in 
conjunction with baghouse. 


Activated carbon injection (ACI) used in conjunction with PM control equipment has been able to achieve 
90% mercury control on some type of sources such as municipal waste combustors. 


The level of control however has not been demonstrated in the limited number of ACI test on coal fired 
boilers. Currently ACI has only tested on a limited number of coal-fired boilers, and there have been no 
long term, full-scale application of ACI to any coal-fired boiler. R&D of alternative sorbents, that are more 
effective at removing mercury from coal fired boilers flue gas is ongoing but still in the development stage. 


WPSC - Weston Power Plant also evaluated the use of sorbent injection for mercury control on the SCPC 
boiler 


The following list summarizes the facilities who have recently received permits (or proposed in their 
application) from their respective States and the mercury limits proposed in the application or established in 
these permits. 


Tuscon - Springville 


Sand sage Corn Belt 
Energy 


Frankiln Project 
Council Buff 
Thoroughbread 
Prairie State 
SEI Birchwood, Inc., 
Enviro Power 


ERGS 


AZ 


KS IL 


IL 
IA 
Ky 
IL 
Va 
IL 


Wl 


6.90E-06 pound per million Btu 30 day rolling 
average 0.1 tpy 
4.00E-06 pound per million Btu 30 day rolling 
average 
3.40E-07 pound per million Btu 
1.70E-06 pound per million Btu 
3.21 E-06 pound per million Btu 
MACT 
5.5 pound per trillion Btu. The permit states that 
they meet one of the following emission limits: (1) 
0.000004 pound per million Btu or emissions below 
the detection level. (2) Removal efficiency of 95% 
achieved without injection of activated carbon. (3) 
MACT 1.12 pounds per trillion Btu heat input. The 
proposed BACT emission limit is based on 
uncontrolled mercury emissions of 11.2 pounds per 
trillion Btu and a control efficiency of 90%. WPSC -
WESTON POWER PLANT will be required to 
achieve optimization during the initial operation and 
conduct stack testing for mercury emissions to 
determine the mercury reduction that is achieved 
through the use of fabric filter, wet FGD and SCR 
system. The Department will use the testing 
information to adjust the emission limit to more 
accurate reduction levels for mercury when the 
operation permit is issued for the facility. 
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The ICR data show that based on the fuel proposed to be fired can achieve 80%+ control of mercury 
using sorbent injection system and a baghouse. (USEPA issued an Information Collection Request (ICR) 
in 1988 that required owner/operators of coal fired electric utility steam generating units to report for 
calendar year 1999 the quantity of fuel consumed and the mercury content of that fuel. In addition, 84 
power plants were randomly selected to conduct flue gas measurements of mercury emissions and its 
chemical form.) 


I have also reviewed the US EPA Report Control of Mercury Emissions from Coal-Fired Electric Utility 
Boilers: Interim Report Including Errata Dated 3-21-02. EPA Report EPA-600/R-01-109, April 2002, pages 
2-1 1 to 2-20. In Table 6-7 of this report, overall mercury control levels ranged from 70 - 90% for PC 
controlled by fabric filter baghouses only. 


There are no environmental, or energy issues that would preclude the use of FGD, baghouse. 


Based on the BACT analysis review, BACT is determined to be 1 .7 pounds per trillion Btu heat input for the 
SCPC boiler firing PRB coal. 


Fluorides 


Fluorides are contained in relatively low concentrations in the proposed fuels and limestone. WPSC -
Weston Power Plant has estimated that fluorine emissions, as hydrogen fluoride, will be controlled by the 
proposed dry FGD system. Hydrogen fluoride emissions are highly reactive, so the removal efficiency of the 
reaction is expected to be at least as high as the removal efficiency for sulfur dioxide. WPSC -Weston 
Power Plant has proposed an emission limitation of 0.000217 pound per million Btu heat input. 


Table 26 summarizes the BACT emission limits for SCPC boiler. 


     Table 16 
 


.Pollutant             Proposed Control Technology (BACT)  Proposed Limits  


CO  Low NOX burners and good combustion practices  0.15 pound per million Btu See Motel 


3,399 tons/yr including periods of startup and 


shut down See Note 2  


NOX  Low NOX burners, good combustion practices 


and selective catalytic reduction  


0.07 pound per million Btu excluding 


period of startup and shut down See Notes 


3 0.07 pound per million Btu for all periods 


including periods of startup and shut down 


See Note 2  


PM  Fabric filter baghouse  0.020 pound per million Btu; 20% 


opacity See Note 4  


PM10  Fabric filter baghouse  0.020 pound per million Btu; 20% 


opacity See Note 4  


S02  Wet flue gas desulfurization  0.10 pound per million Btu including all 


periods of start up and shut down See 


Notes 3, 5 and 6  


VOC  Low NOx burners and good combustion practices  0.0036 pound per million Btu; See Note 


1 81 .60 tons per year including startup 


and shut down See Note 2  
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Pb  Fabric filter baghouse  7.9 Ib/trillion Btu (0:13 pound per hour) See 


Note 3  


Hg  Fabric filter baghouse  1 .7 Ib/trillion Btu See 


Note 3
Be  Fabric filter baghouse  1 .3 Ib/trillion Btu See 


Note 3
Fluorides  Dry FGD System  0.000217 pound per million Btu 


(1.12lb/hr)SeeNote3  


Sulfuric Acid Mist (H2S04)  Flue gas desulfurization and wet electrostatic 


precipitator  


0.005 pound per million Btu See Note 1  


Note 1: Based on a 24-hour average 
Note 2: in any 12 consecutive months 
Note 3: Based on a 30 day rolling average 
Note 4: Based on a 3 hour block average 
Note 5:Uncontroleld SO2 emission rate to 1.25 Ibs/mmBtu averaged over 30-day period. 3491.8 Ibs/hr on 
a 3-hour average, 1508.9 Ibs/hr on a 24 hr average applicable to days when schedule routine 
maintenance of the sulfur control system is required routine maintenance is needed. This may take place 
every 1,000 hours of the boiler operation. 
Note 5: 1029.6 pounds per hour from S01 with the emissions from S02 limited to 0.59 pound per hour; or 


   (b)   0.50 pound per hour from S01 when the emissions from S02 are limited to 1,200 pounds per hour or  
   (c)   763.6 pounds per hour from S01 when the emissions from S02 are limited to 890 pounds per hour.   
  These limits are based on 3-hour average. 


720.72 pounds per hour from S01 when emissions from S02 are limited to 840.0 pounds per hour. These limits 
are based on 24-hour averages. These emission limits are only applicable to days when schedule routine 
maintenance of the sulfur control system on B04, S04 is required. These limits will be included in the permit 
because the source was reviewed with these emission rates and it was determined that no 3-hour and 24-hour 
sulfur dioxide ambient air quality standards would be violated when operated as proposed. 


Diesel Booster Pump. 


The unit will be limited to 200 hours of operation per year. Criteria pollutant emissions are expected to be emitted 
from the diesel booster pump when firing ultra low sulfur fuel oil. 


The emissions of nitrogen oxides (NOx), carbon monoxide (CO), particulate matter (PM10), sulfur dioxide, volatile 
organic compounds (VOC), Beryllium (Be), lead, fluoride (HF), mercury and sulfuric acid mist (H2SO4) are 
subject to BACT.   The BACT analysis for the diesel booster pump is included as part of the Attachment 5. 


Nitrogen Oxides 


Control technology available for the control of nitrogen oxides is SCR as well as combustion control 
techniques such as ignition timing retard. 


Selective Catalytic Reduction (SCR) is extremely cost prohibitive as a control technology for the distillate fuel fired 
diesel booster pump. Further, SCR is viable only for steady state (not short-term) operation. Thus BACT is 
proposed to be use of no add on control and implement good combustion practices. 


Also an hourly emission rate will be established along with the annual hours of operation restrictions to ensure 
that the ambient air quality standards are protected. 
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Carbon Monoxide 


Control technologies available for the control of CO emissions from the diesel booster pump from highest to 
lowest emission reduction are: 
Oxidation catalyst - 80 to 95% NOx reduction 
Good combustion practices. 


It has been determined that oxidation catalysts have not been applied on similar diesel booster pump. The 
facility does not consider this technology feasible option for CO emission control. 


The primary method for controlling carbon monoxide emissions will be to optimize and control the 
combustion. 


The facility will be required to submit the original equipment manufacturer (OEM) procedures that will be 
followed by them to maintain the diesel booster pump. Also the facility will be required to provide a list of 
items that will be checked and maintained and their frequency to ensure that the booster pump is 
operating properly at least four month prior to the initial operation of the diesel booster pump. This 
information will then be used to establish appropriate conditions in the operation permit.   Establishing the 
value of these parameters at fuel condition will define good combustion practices. These parameters will 
be controlled to within the operating ranges recommended by the manufacturer to demonstrate 
compliance with good combustion practices. 


The facility is proposing to implement good combustion practices as BACT for CO emissions. 


Also an hourly emission rate will be established to ensure that the ambient air quality standards are 
protected. 


Volatile Organic Compounds (VOC) 


Control technology available for the control of VOC emissions from the diesel booster pump from highest to 
lowest emission reduction are: 


Good combustion practices. 


The facility is proposing to implement good combustion practices as BACT for VOC emissions.  Also an 
hourly emission rate along with hours of operation restrictions will be established to ensure the offsets 
requirements determined are not exceeded. 
 
PM/PM10 


Control technologies available for the control of PM/PM10 emissions, from the diesel booster pump from 
highest to lowest emission reduction are: 


Add on controls (i.e. baghouse, scrubber, electrostatic precipitators, etc.) 
Combustion of clean fuels (i.e. natural gas, ultra low sulfur distillate fuel oil) 
Good combustion practices. 


No diesel booster pump have been identified in RACT/BACT/LAER clearinghouses that utilize add on 
control technologies for PM/PM10 control. Since add on PM/PM10 controls have not been commercially 
demonstrated for the diesel booster pump, this technology is not considered technically feasible. 


The combustion of clean fuels to minimize PM/PM10 emissions is accomplished by burning fuels with 
minimal amounts of impurities in conjunction with good combustion practices. The proposed facility will burn 
ultra low sulfur distillate fuel oil which will emit less PM, PM10 and PM2.5than conventional distillate fuel oil.
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Good combustion practices refer to the operation of the diesel booster pump at high combustion 
efficiency. The diesel booster pump will be designed to maximize combustion efficiency. 


The facility is proposing to implement good combustion practices as BACT for PM/PM10 emissions. Also 
the emissions of lead, fluoride, beryllium and mercury will be controlled using the same control methods 
used for PM/PM10. Mercury and beryllium are trace elements in fuel oil. 


Also an hourly emission rate will be established to ensure that the ambient air quality standards are 
protected. 


SO2 


The emissions of SO2 are subject to BACT. Also an hourly emission rate will be established to ensure that 
the ambient air quality standards are protected. The facility will control SO2 emissions by the use of ultra 
low sulfur fuel having a maximum sulfur content of 0.003% sulfur. 


Sulfuric Acid 


Emissions of sulfur dioxide results from the oxidation of fuel sulfur. During combustion, the majority of the 
fuel sulfur is emitted as sulfur dioxide. In an external combustion source like diesel booster pump, usually 
less than 10% of the sulfur dioxide is further oxidized to sulfur trioxide. Sulfur trioxide is then readily 
oxidized in the flue gas or in the atmosphere by combining with water to form sulfuric acid. 


Also the sulfuric acid emissions will be controlled using the same control methods used for controlling sulfur 
dioxide. 


The following Table 27 summarizes the BACT limits from each of the diesel booster pump.   


Table 27 BACT emission limits for diesel booster pump 
27Pollutant  Proposed Control Technology (BACT)  Proposed Limit  


CO  New diesel engine design, good combustion practices  1 .77 pounds per hour (3.03 gm/hp-


hr) See Note 1  


NOX  New diesel engine design, good combustion practices  8.21 pound per hour (14.06 gm/hp-


hr) See Note 1  


PM  Fuel oil with 0.003% sulfur and good combustion 


practices  


0.58 pound per hour (1 .0 gm/hp-hr) See 


Note 1  


PM10  Fuel oil with 0.003% sulfur and good combustion 


practices  


0.58 pound per hour See 


Note 1  
SO2  Fuel oil with 0.003% sulfur  0.54 pound per hour (0.93 gm/hp-


hr) See Note 1 and Note 2  


VOC  Good combustion practices  0.70 pound per hour See 


Note 1  
Pb  Fuel oil with 0.003% sulfur and good combustion 


practices  


0.00000176 pound per hour See 


Note 1  
Hg  Fuel oil with 0.003% sulfur and good combustion 


practices  


0.00000588 pound per hour See 


Note 1  
HF  Fuel oil with 0.003% sulfur and good combustion 


practices  


0.00172 pound per hour See 


Note 1  
H2SO4  Fuel oil with 0.003% sulfur  0.00832 pound per hour See 


Note 1 and Note 2  


 
Note 1.: Operating limit of 200 hours per year 
Note 2: The hourly emission rate was based on the fuel having a sulfur content of 0.05% sulfur by weight. 
But the BACT will require the facility to fire ultra low sulfur fuel having a maximum sulfur content of 
0.003% by weight. Thus the hourly emission rate will be much lower. 
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Emergency Diesel Fire Pump. 


The diesel fire pump will be allowed to operate 200 hours of operation per year. Criteria pollutant 
emissions are expected to be emitted from the diesel fire pump when firing ultra low sulfur fuel oil. 
The emissions of nitrogen oxides (NOx), carbon monoxide (CO), particulate matter (PM10), sulfur dioxide, 
volatile organic compound (VOC), Beryllium (Be), lead, fluoride (HF), mercury and sulfuric acid mist 
(H2SO4 ) are subject to BACT.   The BACT analysis for the diesel fire pump is included as part of the 
Attachment 5. 


Nitrogen Oxides 


Control technology available for the control of nitrogen oxides is SCR as well as ignition retard. 


Selective Catalytic Reduction (SCR) is extremely cost prohibitive as a control technology for the 
emergency fire pump. Thus BACT is proposed to be use of no add on control.   The facility is proposing to 
implement good combustion practices as BACT. Also an hourly emission rate along with the annual hours 
of operation restrictions will be established to ensure that the ambient air quality standards are protected. 


Carbon Monoxide 


Control technology available for the control of CO emissions from the diesel fire pump from highest to 
lowest emission reduction are: 


Oxidation catalyst - 80 to 95% NOx reduction 
Good combustion practices. 


It has been determined that oxidation catalysts have not been applied on similar emergency fire pump. The 
facility does not consider this technology feasible option for CO emission control. 


The primary method for controlling carbon monoxide emissions will be to optimize and control the 
combustion. 


The facility will be required to submit the OEM procedures that will be followed to maintain the diesel fire 
pump. Also the facility will be required to provide a list of items that will be checked and maintained and 
their frequency to ensure that the fire pump is operating properly at least four month prior to the initial 
operation of the diesel fire pumps. This information will then be used to establish appropriate conditions in 
the operation permit.   Establishing the value of these parameters at fuel condition will define good 
combustion practices. These parameters will be controlled to within the operating ranges recommended by 
the manufacturer to demonstrate compliance with good combustion practices. 


The facility is proposing to implement good combustion practices as BACT for CO emissions. Also an hourly 
emission rate will be established to ensure that the ambient air quality standards are protected. 


Volatile Organic Compounds (VOC) 


Control technology available for the control of VOC emissions from the diesel fire pump from highest to 
lowest emission reduction are: 


Good combustion practices. 


The facility is proposing to implement good combustion practices as BACT for VOC emissions. 


Also an hourly emission rate along with hours of operation restrictions will be established to ensure the 
offsets requirements determined are not exceeded. 
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PM/PM10 


Control technology available for the control of PM/PM10 emissions from the diesel fire pump from highest to 
lowest emission reduction are: 


Add on controls (i.e. baghouse, scrubber, electrostatic precipitators, etc.) 
Combustion of clean fuels (i.e. natural gas, ultra low sulfur distillate fuel oil) 
 
Good combustion practices. 


No emergency fire pump have been identified in the RACT/BACT/LAER Clearinghouse that utilizes add on 
control technologies for PM/PM10 control. Since add on PM/PM10 controls have not been commercially 
demonstrated in diesel fire pump, this technology is not considered technically feasible. 


The combustion of clean fuels to minimize PM/PM10 emissions is accomplished by burning fuels with minimal 
amounts of impurities in conjunction with good combustion practices. The proposed facility will burn ultra low 
sulfur distillate fuel oil which will emit less PM and PM10 than conventional distillate fuel oil. 


Good combustion practices refer to the operation of the diesel fire pump at high combustion efficiency. The 
diesel fire pump will be designed to maximize combustion efficiency. 


The facility has proposed to implement good combustion practices as BACT for PM/PM10 emissions. Also an 
hourly emission rate will be established to ensure that the ambient air quality standards are protected. 


The control techniques used for controlling PM emission will also control emissions of lead, beryllium, 
fluorides and mercury. 


SO2 


The emissions of SO2 subject to BACT. Also an hourly emission rate will be established to ensure that the 
ambient air quality standards are protected. The facility will control SO2 emissions by the use of ultra low 
sulfur fuel having a maximum sulfur content of 0.003% sulfur. 


Sulfuric Acid 


Emissions of sulfur dioxide results from the oxidation of fuel sulfur. During combustion, the majority of the fuel 
sulfur is emitted as sulfur dioxide. In an external combustion source like diesel fire pump usually less than 
10% of the sulfur dioxide is further oxidized to sulfur trioxide. Sulfur trioxide is then readily oxidized in the flue 
gas or in the atmosphere by combining with water to form sulfuric acid. 


Also the sulfuric acid emissions will be controlled using the same control methods used for controlling 
sulfur dioxide.  


The following Table 28 summarizes the BACT limit for each of the diesel fire pump.
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Table 28 


 
Pollutant  Proposed Control Technology (B^CT)  Proposed Limits   


CO  New diesel engine design and good 


combustion practices  


3.07 pound per hour (3.03 g/hp-hr) See 


Note 1  


NOX  New diesel engine design and good 


combustion practices  


14.26 pound per hour (14.06 g/hp-


hr) See Note 1  


PM  Fuel oil with 0.003% sulfur and good 


combustion practices  


1 .01 pound per hour (1 .0 g/hp-hr) See 


Note 1  


PM10  Fuel oil with 0.003% sulfur and good 


combustion practices  


1.01 pound per hour See 


Note 1  
S02  Fuel oil with 0.003% sulfur  0.94 b/hr (0.93 g/hp-hr) See 


Note 1 and Note 2  
VOC  Good combustion practices  1.14 pound per hour See 


Note 1  
Pb  Fuel oil with 0.003% sulfur and good 


combustion practices  


2.83E-05 pound per hour See 


Note 1  
Hg  Fuel oil with 0.003% sulfur and good 


combustion practices  


0.00000944 pound per hour See 
Note 1  


HF  Fuel oil with 0.003% sulfur and good combustion 


practices  


0.00277 pound per hour See 


Note 1  


H2SO4  Fuel oil with 0.003% sulfur and good combustion 


practices  


0.14 pound per hour See Note 


1 and Note 2  


 
Note 1: Operating limit of 200 hours per year 
Note 2: The hourly emission rate was based on the fuel having a sulfur content of 0.05% sulfur by weight. 
But the BACT will require the facility to fire ultra low sulfur fuel having a maximum sulfur content of 0.003% 
by weight. Thus the hourly emission rate will be much lower. 


Auxiliary Boiler:- 


The auxiliary boiler will be fired by natural gas. The RLBC web page indicates that for boilers similar to the 
ones being proposed here and firing natural gas, the main control techniques being utilized are low NOx 
burner, good combustion and flue gas recalculation. No add-on controls were indicated for boiler in these 
size ranges. The BACT analysis is included as part of the Attachment 5. 


Carbon Monoxide 


Carbon monoxide emissions from the auxiliary boiler are products of incomplete combustion. This 
pollutant is generally controlled to low levels by achieving high combustion efficiency. 


The auxiliary boilers CO emission rate in the exhaust gas will be limited by permit and achieved through the 
use of good combustion practices. 


Catalytic oxidation of CO is the most stringent method of control on some combustion systems, although no 
known operating experience of oxidation catalysts on low utilization package boiler exist. Because of the 
low utilization proposed for this unit (Please see the draft permit) and corresponding lack of operating 
experience, a CO oxidation catalyst is not considered to represent BACT. Also the RBLC indicated that 
auxiliary boiler of comparable size did not include add-on control devices, but instead relied on good 
combustion practices and clean fuels to minimize CO emissions. 


The burner for the auxiliary boiler will use modern design and combustion controls to optimize fuel 
combustion. BACT for CO for the auxiliary boiler is determined to be the good combustion practices and an 
hourly emission limit based on pound/MMBtu when firing natural gas. 
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Good combustion generally includes the following components or characteristics: 


- Staged combustion to minimize NOx formation. 
- Good air/fuel mixing in the combustion zone. 
- High Temperature and low oxygen levels in the primary combustion zone. 
- Overall excess oxygen levels high enough to complete combustion 
- Sufficient residence time to complete combustion 


Combustion efficiency is directly related to the three T's of combustion: Time, Temperature and 
Turbulence. 


The facility will be required to submit the OEM procedures that will be followed to maintain the boiler. Also 
the facility will be required to provide a list of items that will be checked and maintained and their frequency 
to ensure that the boiler is operating properly at least four month prior to the initial operation of the boilers. 
This information will then be used to establish appropriate conditions in the operation permit. 


Particulate matter 


Particulate matter emissions from boiler are products of incomplete combustion as well as non-
combustible constituents in the flue gas stream, Proper burner design and operation as well as use of 
natural gas will control PM emissions to low levels. 


PM control technologies such as ESP or fabric filters are common practice on solid fuel boilers and ESP is 
also applied on boilers firing residual oil. However, these PM control technologies are not applicable to a 
gas fuel fired boiler. BACT for the auxiliary boiler is determined to be the use of good combustion 


 practices and use natural gas and hourly emission limit when firing natural gas. 


The same control measures used for PM/PM10 would also apply to control emissions of lead, beryllium, 
fluorides and mercury. 


Volatile Organic Compounds 


VOC emissions from the boiler are products of incomplete combustion of fuel. This pollutant is generally 
controlled to low levels by achieving high combustion efficiency. VOC hourly emissions will be established 
based on pound per million Btu. 


The RBLC does not list add-on controls for auxiliary boiler of these sizes. Catalytic oxidation of VOC is 
the most stringent method of control for boiler. However oxidation catalyst have not been required on 
natural gas fired boiler and no operating experience of oxidation catalysts on low utilization package boilers 
was available for this review. Also the oxidation catalyst may be contaminated by trace substance in fuel oil 
which would render the technology not feasible, I did contact several vendors to determine whether they 
would give me quotes for installation of oxidation catalyst. These vendors refused to issue quotes on such 
a system. 


The burner selected for the boiler uses modern design and combustion controls to optimize fuel 
combustion. BACT for VOC for the auxiliary boiler is determined to be the use of good combustion 
practices and meeting the hourly emission rate when firing natural gas. 


The total hours of operation of the boiler when firing natural gas will be limited to 2,000 hours in any 12 
consecutive months along with the hourly emission rate to ensure the VOC emission limits are not 
exceeded. To demonstrate compliance with the hours of operation restrictions, the facility will keep daily 
records of the hours of operation of the boiler. 


Nitrogen Oxides:- 


The facility will meet the nitrogen oxides emission limit through the use of natural gas, good combustion 
practices and meeting the hourly emission rate. 
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Sulfur Dioxide 


FGD is a technology used to control pound per million Btu emitted from various combustion sources. 
Installation of such system is an established technology principally on coal-fired and high sulfur oil-fired 
steam electric generating stations, but is not feasible on the natural gas fired boiler installed at WPSC -
Weston Power Plant at the South site. 


WPSC will control sulfur dioxide emissions from the boiler by firing natural gas having a sulfur content of 
0.003% by weight and limiting the total hours of operation of the boiler on natural gas to 2,000 hours in any 
12 consecutive months. 


Sulfuric Acid Control (HZSOJ 


Emissions of sulfur dioxide results from the oxidation of fuel sulfur. During combustion, the majority of the 
fuel sulfur is emitted as sulfur dioxide. In an external combustion source like boiler usually less than 10% of 
the sulfur dioxide is further oxidized to sulfur trioxide. Sulfur trioxide is then readily oxidized in the flue gas 
or in the atmosphere by combining with water to form sulfuric acid. 


Emissions of sulfur trioxide can be controlled by limiting sulfur content in the fuel, limiting high sulfur fuel 
usage, or by a post combustion flue gas desulfurization (FGD) system. The fuel for this project will be 
natural gas. 


Also the sulfuric acid emissions will be controlled using the same control methods used for controlling 
sulfur dioxide. 


The following Tables 29, Summarize the BACT emissions limits from the SCPC auxiliary boiler. 
 


Table 29   BACT emission limits for the SCPC auxiliary boiler 
 


Pollutant  Proposed Control Technology (BACT)  Proposed Limits                         


CO  Low NOX burners and good combustion practices  0.08 pounds per million Btu and 18.40 


pounds per hour See Note 1  


NOX  Low NOX burners  0.10 pound per million Btu and 22.9 


pounds per hour See Note 1  


PM  Good combustion practices and natural gas  0.0075 pound per million Btu and 1.712 


pounds per hour  
PM10  Good combustion practices and natural gas  0.0075 pound per million Btu and 1.712 


pounds per hour  
SO2  Natural gas  0.0006 pound per million Btu and 0.14 


pound per hour See Note 1  


VOC  Low NOx burners and good combustion practices  0.0054 pound per million Btu and 1 .24 


pounds per hour
Pb  Natural gas  8.84E-08 pound per hour  


Fluorides  Natural gas  0.00027 pound per million Btu and 


0.062 pound per hour  
Hg  Natural gas  0.000059 pound per hour  


H2SO4                  Natural gas                                                                                              0.021 pound per hour mist 


                                                                                                                                  See Note 1  


Note 1: Total hours of operation may not exceed 2,000 hours in any 12 consecutive months. 
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 Natural Gas Heating Stations 1 and 2 


The stations will be fired by natural gas. The main control techniques being utilized are low NOx burner, 
good combustion. No add-on controls are being for this type of emission sources. 


Carbon Monoxide 


Carbon monoxide emissions are products of incomplete combustion. This pollutant is generally controlled to 
low levels by achieving high combustion efficiency. 


The CO emission rate in the exhaust gas will be limited by permit and achieved through the use of good 
combustion practices. 


The burner used will be modern design and combustion controls to optimize fuel combustion. BACT for CO 
for is determined to be the good combustion practices and an hourly emission limit when firing natural gas. 


Particulate matter 


Particulate matter emissions are products of incomplete combustion as well as non-combustible 
constituents in the flue gas stream, Proper burner design and operation as well as use of natural gas will 
control PM emissions to low levels. 


BACT is determined to be the use of good combustion practices and use natural gas and hourly emission 
limit when firing natural gas. 


The same control measures used for PM/PM10 would also apply to control emissions of lead, beryllium, 
fluorides and mercury. 


Volatile Organic Compounds 


VOC emissions are products of incomplete combustion of fuel. This pollutant is generally controlled to low 
levels by achieving high combustion efficiency. VOC hourly emissions will be established. BACT for VOC 


 is determined to be the use of good combustion practices and meeting the hourly emission rate when firing   
 natural gas. 


Nitrogen Oxides:- 


The facility will meet the nitrogen oxides emission limit through the use of natural gas, good combustion 
practices and meeting the hourly emission rate. 


Sulfur Dioxide 


WPSC will control sulfur dioxide emissions by firing natural gas. 


Sulfuric Acid Control (H2SCXi) 


Emissions of sulfur dioxide results from the oxidation of fuel sulfur. During combustion, the majority of the 
fuel sulfur is emitted as sulfur dioxide. In an external combustion source like heating units usually less 
than 10% of the sulfur dioxide is further oxidized to sulfur trioxide. Sulfur trioxide is then readily oxidized in 
the flue gas or in the atmosphere by combining with water to form sulfuric acid. 


Emissions of sulfur trioxide can be controlled by limiting sulfur content in the fuel, limiting high sulfur fuel 
usage. The fuel for this project will be natural gas. 


Also the sulfuric acid emissions will be controlled using the same control methods used for controlling 
sulfur dioxide. 


The following Tables 30, summarize the BACT emissions limits from the natural gas station heaters 1 or 
2. 
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Table 30    BACT emission limits for the natural gas station heater 1 or 2 


 
Pollutant  Proposed Control Technology (BACT)  Proposed Limits  


CO  Natural gas and good combustion practices  0.06 pound per hour  


NOX  Natural gas and good combustion practices  0.073 pound per hour  


PM  Natural gas and good combustion practices  0.01 pound per hour  


PM10  Natural gas and good combustion practices  0.006 pound per hour  


SO2  Natural gas  0.0004 pound per hour  


VOC  Natural gas and good combustion practices  0.00091 pound per hour  


Fluorides  Natural gas and good combustion practices  2.04E-04 pound per hour  


Pb  Natural gas and good combustion practices  2.8E-10 pound per hour  


Hg  Natural gas and good combustion practices  1.91E-07 pound per hour  


H2S04  Natural gas  0.0000675 pound per hour  


Material Handling Systems: 


Some of the material handling sources are point sources and some are fugitive sources. Point sources are 
defined as sources with emissions that are discharged to the atmosphere through a stack. Fugitive sources 
are defined as any source of emissions other than flue or stack (for example storage piles). 


The detailed BACT analysis is included as Attachment 5. 
 


The BACT review covers coal handling point sources, ash handling point sources, limestone handling point 
sources, and fugitive material handling sources. 


Coal Storage and Handling Systems - Point Sources: There will be two types of coal storage emission units 
at the facility, active storage and inactive storage. For the coal pile stockout operations (transferring coal to 
inactive coal storage pile) the control techniques used will be wet suppression. For all coal handing point 
sources the facility will use baghouse, enclosed conveyors and dust suppression systems. 


Limestone Handling Systems - Point Sources: For limestone handling point sources, the facility will use 
baghouses. 


Ash Handling Systems - Point Sources: For ash handling point sources the facility will use fabric filter 
baghouses. 


Fugitive PM Sources: The fugitive PM sources include the inactive/active storage piles (both wind erosion 
and reclaim operations), the limestone handling system and fugitive emissions from lime and ash handling 
system. 


The facility will use the following control methods to control fugitive PM emissions to meet BACT: 


Use of wet suppression with surfactants as well as compaction and limiting unnecessary traffic on and 
around the inactive coal piles 
Paving of roadways as to not create air pollution. 
For storage pile stack out operations use a telescopic chute with wet suppressions to control fugitive 
emissions. 
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Street sweeping water or dust suppressant application. 
Covering or securing of material likely to become airborne while being moved on public roadways. 
Operation of the following process from 6 am to 10 pm (R09-R14) 
The visible emissions (BACT limits) from the fugitive PM sources will be set at 1 0% opacity. 


WPS - Weston Power Plant will be required to prepare a fugitive dust control plan and submit the plan for 
review and approval to the Department prior to the initial operation of these sources. The fugitive plan will 
identify fugitive dust control measures and the frequency of the use of these measures to ensure the 
overall dust suppression control efficiency. The fugitive plan will also identify what records will be taken 
and kept.  


The following Tables 31 – 35 summarize the BACT limits for the fugitive sources. 


   Table 31 – BACT for inactive coal storage piles   
 
Source Description  Proposed Control Technology (BACT)  


Inactive coal pile reclaim/maintenance, wind erosion and 


drop points (S56, F56)  


Compaction, Wet suppression or telescoping chute  


 
Table #32  -  BACT for limestone handling system 


 


Source Description  Proposed Control Technology (BACT)  


Lime storage silo bin vent (S44) and Lime day bin vent (S45)  Baghouse, 99% control efficiency, 0.01 


gr/acf  


Table  33 - BACT for coal material handling point sources 


 
Source Description  Proposed Control Technology (BACT)  


System 1 - New reclaim tunnel (S30)  Baghouse, 99% control, 0.01 gr/acf  


Conveyor 1 1 Telescopic chute, #29 (S40)  Baghouse, 99% control, 0.01 gr/acf  


System 2, New junction house2, #31 (S41)  Baghouse, 99% control, 0.01 gr/acf  


System 3, New Junction house 3, #32 (S42)  Baghouse, 99% control, 0.01 gr/acf  


System 4, Unit 4 silo fill system, #7  Baghouse, 99% control, 0.01 gr/acf  


Table 34 - BACT for ash material handling point sources 
 


Number  Source Description  Proposed Control technology  


S46  System 1 FGD product mechanical exhauster, 


#23  


Baghouse, 99% control, 0.02 gr/acf  


S47  System 2 FGD product mechanical exhauster, 


#23  


Baghouse, 99% control, 0.02 gr/acf  


S48  System 3 FGD product mechanical exhauster, 


#23  


Baghouse, 99% control, 0.02 gr/acf  


S49  System 4 FGD byproduct recycle bin vent, #24  Baghouse, 99% control, 0.02 gr/acf  


S50  System 5 FGD waste silo bin vent, #20  Baghouse, 99% control, 0.02 gr/acf  


______________________________________________________________________________ 
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Table 35 - BACT for Roadways 
 


Number  Source Description  Proposed Control technology  


Roadway 1 - 


Roadway 10  


Facility Haul Roads  Roads be paved; road shall be vacuum swept; 10% 


opacity at the source.  


 
Welding operation: 
 
The new welding shops will be an extension onto the existing building Weston welding shop. It is expected 
that the expanded shops will include exhaust fan ventilation (will not include baghouses), A variety of welding 
operations occur within the weld shops including smaller pieces and assembly processes. Additional welding 
does occur throughout the plant for in-stu welding. Welding operations include gas tungsten arc welding 
(GTAW), shielded metal arc welding (SMAW), gas metal arc (GMAW), wire feed welding and other welding 
techniques as needed. Other uses in the weld shop include using the oxy-acetylene torches, cut off torches 
and other metal working equipment. There is no clear way to differentiate the W$ welding from W1, W2 and 
W3 within this centralized shop. Thus the proposed welding will be assumed to be the modification of the 
existing welding operation. 


35,000 pounds of rod/weld material for all units at the Weston site. The usage of the weld materials and rod 
is determined to be BACT. Most of the PM emissions rate (about 80%) generated form the welding operation 
is expected to settle inside the building and the rest is expected to be emitted from the general building 
ventilation's. Small amount of VOCs are also expected to be emitted. Its is presumed that most of the VOCs 
will be vented our through the general ventilation system. Thus BACT is determined to be the use of material 
in any 12 consecutive months. 
 
Cooling Tower: 
 
A new wet cooling tower will be built to remove excess heat from the steam cycle. Some particulate matter 
can become entrained in the plumes existing the cells of the cooling tower. These emissions will be minimized 
through the use of drift eliminators. 


BACT has been determined to be the use of high efficiency drifts eliminator that will control drift to 0.002%. 
The proposed BACT is similar to BACT limit established for similar facilities installing cooling towers.  
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AIR QUALITY REVIEW 
 
John Roth of the Bureau of Air Management has completed an ambient air quality modeling study of the Weston 4 
Project. The results of the modeling analysis is included as part of Attachment 6. 
 
INTRODUCTION 
 
Wisconsin Public Service (WPS), has submitted to the Wisconsin Department of Natural Resources (WDNR) an air 
permit application that served as a Prevention of Significant Deterioration (PSD) permit application.  The application 
is for the proposed construction of a new 500-megawatt coal fired unit at the existing WPS Weston Generating 
Station.  The proposed Unit 4 will also include associated coal and material handling equipment, an auxiliary boiler, 
an emergency diesel generator, and one emergency diesel firewater pump. 


 
RECOMMENDATION 
 
Assuming the emission rates, building dimensions, and stack parameters given in Tables 1 and 2 (please see the 
attachment 6), ambient air quality standards will be attained and maintained for total suspended particulates (TSP), 
PM10, SO2, NOx, CO, lead (Pb), and ammonia (NH3).  In addition, the ambient air concentration limit for mercury 
(Hg) in Chapter NR 446, Wisconsin Administrative Code will be met, and the PSD Class II increments will be 
protected for SO2, PM10, and NOx. 


 
LOCATION 
 
WPS Weston Unit 4 will located at the existing Weston Generating Station, adjacent to the Wisconsin River at 
Morrison Road, Rothschild (Marathon County), Wisconsin.  The Weston Generating Station is a base load facility 
currently operating three coal boilers and three fuel oil turbines to produce electricity.  The area is currently in 
attainment for all criteria pollutants, and the PSD baselines for SO2, PM10, and NOx for Marathon County were 
established in 1987, 1987, and 1993 respectively. 
 
PSD INCREMENT ANALYSIS 
 
The new WPS Unit 4 sources were modeled to determine the area of significant impact for the criteria pollutants, 
and it was discovered that concentrations of NOx, SO2 and PM/PM10 were above significant impact levels, so an 
increment analysis was performed.   Additional increment consuming sources at WPS Weston were considered and 
all parameters are listed in Tables 1 and 2 (Please see the attachment 6).  Other increment consuming sources 
exist in the area and are included in the analysis.  The maximum impact, as shown in Table 37, will be below the 
PSD Class II increments for all pollutants. 
 
NAAQS ANALYSIS 
 
All the emissions from WPS Weston were considered in this analysis.  Other sources exist nearby and these 
sources were included.  Please refer to Tables 1 and 2 (Please see the attachment 6) for additional source 
parameters.  
 
The maximum impact of all the sources listed in Table 38 will attain and maintain NAAQS for SO2, PM10, CO, NOx, 
and Pb, and will satisfy Wisconsin’s ambient air quality standards for TSP, Hg, and NH3.  The regional background 
concentrations for the criteria pollutants listed in Table 37 were derived from several years of monitoring data 
collected at the sites listed. 







                              54 
 


 
ADDITIONAL IMPACTS ANALYSIS 
 
 Growth Impacts 


 
The construction of WPS Unit 4 will not result in a significant increase in the permanent workforce in the 
area.   In addition, materials transportation, equipment, and supplies will be needed, but this is not 
expected to have a measurable effect on residential, commercial, or industrial growth. 


 
 Soils and Vegetation Impacts 


 
Since the modeled impacts from the modification meet the secondary ambient air quality standards, no 
vegetative impacts due to emissions from the project, or as a result of associated growth, are expected. 


 
 Visibility Impairment Analysis 


 
Any facility emitting SO2, PM/PM10, and/or NOx may have a potential adverse impact on visibility through 
atmospheric discoloration or reduction of visual range due to increased haze.  The Clean Air Act 
Amendments require evaluation of visibility impairment in the vicinity of PSD Class I area due to emissions 
from new or modified air pollution sources.  Since there are no PSD Class I areas within 100 kilometers of 
the site, visibility impacts on distant Class I areas are negligible. 
 
Near the proposed project site, under certain meteorological conditions, the stacks will emit a visible 
steam plume that, after traveling a relatively short distance, will dissipate by dispersion and evaporation.  A 
visible steam plume can be expected to occur when ambient air temperatures are relatively low with 
respect to plume temperature, thus promoting plume cooling and condensation, and ambient humidity 
levels are relatively high, preventing evaporation of the water in the plume.  The persistence of the plume 
is dependent upon wind speed and the time required for evaporation. 
 


CONCLUSIONS 
 
Assuming the emission rates and stack parameters listed in Tables 1 and 2, the impact of the proposed 
construction of Unit 4, and its associated equipment, at the WPS Weston Generating Station in Rothschild will 
not cause an exceedance of the PSD Class II increments or State or Federal ambient air quality standards as 
shown by the results in Tables 37 and 39. 
 
Wisconsin Public Service may be permitted to construct Unit 4 according to the submittals provided, so long as 
all the conditions in Tables 1 and 2  (Please see the attachment (6) are met, and fence lines are constructed 
according to plan. 
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TABLE 36 
WPS Weston – Rothschild 
Increment Analysis Results 


 (All Concentrations in μg/m3) 
 SO2 – 3 hr SO2 – 24 hr SO2 – Annual 


Modified Source Impact 199.8 82.9 12.1 


Level of Sig. Impact 25.0 5.0 1.0 


PSD Class II Increment 512.0 91.0 20.0 


% Increment Consumed 39.0 91.1 60.5 


 
 


TABLE 36 
WPS Weston – Rothschild 
Increment Analysis Results 


(All Concentrations in μg/m3) 
 PM10 – 24 hr PM10 – Annual NOx – Annual 


Modified Source Impact 29.4 6.67 19.9 


Level of Sig. Impact 5.0 1.0 1.0 


PSD Class II Increment 30.0 17.0 25.0 


% Increment Consumed 98.0 39.2 79.6 


 
 


TABLE 37 
WPS Weston – Rothschild 


Regional Background Concentrations 
(Concentrations are in g/m3) 


Monitoring Site Pollutant Averaging Period Concentration 


Green Bay East H.S. 
1415 East Walnut 


Brown County 
SO2 


3 hr 
24 hr 


Annual 


128.3 
33.5 
7.9 


Devil’s Lake State Park 
Sauk County 


NOx Annual 4.7 


923 270th Avenue 
Luck, Polk County 


CO 
1 hr 
8 hr 


3,188.0 
890.4 


711 West Wells 
Milwaukee County 


Pb Calendar Quarter 0.05 


Trout Lake State Nursery 
Vilas County 


PM10 
24 hr 


Annual 
27.4 
9.2 


Trout Lake State Nursery 
Vilas County 


TSP 24 hr 41.8 
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TABLE 38 
WPS Weston – Rothschild 
Modeling Analysis Results 


 (All Concentrations in μg/m3) 
 TSP – 24 hr PM10 – 24 hr PM10 – Annual CO – 1 hr CO – 8 hr 


All Source Impact 108.2 106.1 19.5 1,093.9 451.5 


Background 41.8 27.4 9.2 3,188.0 890.4 


Total Concentration 150.0 133.5 28.7 4,281.9 1,341.9 


NAAQS (or AAC) 150.0 150.0 50.0 40,000 10,000 


% NAAQS (or AAC) 100.0 89.0 57.4 10.7 13.4 


 
 


TABLE 38 
WPS Weston – Rothschild 
Modeling Analysis Results 


 (All Concentrations in μg/m3) 
 SO2 – 3 hr SO2 – 24 hr SO2 – Annual NOx – Annual Pb – Quarter 


All Source Impact 922.2 327.7 55.1 93.5 0.004 


Background 128.3 33.5 7.9 4.7 0.05 


Total Concentration 1,050.5 361.2 63.0 98.2 0.054 


NAAQS (or AAC) 1,300.0 365.0 80.0 100.0 1.5 


% NAAQS (or AAC) 80.8 99.0 78.8 98.2 3.6 


 
Note: The highest 3-hour and 24-hour SO2 impacts occur on an atomizer change-out (nonstandard operation) day. 
 


TABLE 38 
WPS Weston – Rothschild 
Modeling Analysis Results 


 (All Concentrations in μg/m3) 
 NH3 


24 hr 
NH3 


Annual 
Hg 


Monthly 


Facility Impact 2.10 0.15 0.00145 


AAC 418.0 100.0 1.0 


% of AAC 0.5 0.2 0.1 


 
 
The upper bound inhalation cancer risk from diesel particulate emissions was determined for Wisconsin 
Public Service (WPS) Weston Generating Station in Rothschild.  The emissions of diesel particulate are 
the permit allowable emissions as determined by the Department for the facility. The limit of 872 pounds of 
diesel particulate per year results in a range of inhalation risk from 5.42e-5 or about five in one hundred 
thousand (fifty-four in one million) to 1.00e-3 or about one in one thousand (1001 in one million).  The point 
of maximum impact was located along the north property line.  The range of risk at a known or suspected 
residence is from 2.87e-5, or about three in one hundred thousand (twenty-nine in one million) to 5.30e-4, 
or about five in ten thousand (530 in one million).  The highest residential impact occurs at a point just to 
the north of the facility across the Wisconsin River.  The only route of exposure considered was inhalation 
and the modeled hours of operation for the new diesel units was 24 hours/day, 365 days/year (8,760 
hrs/yr), and 12 hours/day, 92 days/year (1,104 hrs/yr) for the existing units. 
 
EMISSIONS DATA & SUMMARY OF RISK 
 
The unit risk factors for diesel particulate were obtained from Jeff Myers from the State of California.  The 
table below lists the modeled high concentration and inhalation risk as determined by the department for 
the receptors indicated.  The inhalation risk was obtained by multiplying the receptor concentration by the 
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risk factors. 
 
 


SUMMARY OF DIESEL PARTICULATE INHALATION RISK 
WPS WESTON GENERATING STATION – ROTHSCHILD 


(All Concentrations in μg/m3) 


Compound 
 


Low 
Factor 


High 
Factor 


Maximum 
Concentration 


Inhalation Risk 
Range 


Diesel Particulate 1.3E-4 2.4E-3 Maximum – 0.417 5.42E-5 to 1.00E-3 


Diesel Particulate 1.3E-4 2.4E-3 Residential – 0.221 2.87E-5 to 5.30E-4 


INHALATION RISK RANGE: 2.87E-5 to 1.00E-3 


 
 
The USEPA Class or "Weight of Evidence" criteria are a rating of the various hazardous substances 
describing how well established the risks are.  Those classified as "A" are known human carcinogens.  
Those classified as "B" are suspected human carcinogens.  Diesel particulate is classified as “B”, 
suspected human carcinogen 
 
TOXICOLOGICAL ASSUMPTIONS 
 
Health and Environmental Analyses require the use of assumptions to predict the impacts of any proposed 
action.  It is therefore important to include the assumptions used in the analysis. 
 
1. For cancer risk analysis, the assumptions used are that a person weighing 70 kilograms lives at the 


point of maximum impact for 70 years and breathes 20 m3 of air per day.  When human data on 
carcinogenicity of a chemical are available, those data are preferred.  However, those data often 
have to be extrapolated from occupational, or other higher exposure levels, to lower exposure levels 
and additional assumptions must be made.  Another assumption is that when human data is 
unavailable, animal data for carcinogens can be extrapolated to humans and that the higher doses 
used in animal studies can be extrapolated to lower doses that are typical of human exposures.  In 
addition, it is assumed that cancer is a non-threshold process, and even a very small amount of a 
cancer agent has some level of risk associated with it (i.e. even if one molecule of the chemical is 
present, there is some risk, however small it may be). 


 
2. The risk estimated in this analysis represents the highest likely (or 95% upper bound) risk under the 


assumed conditions.  The actual risk (using the assumptions) could be lower and even approach 
zero, but because the way the mathematical models work, there is no way of telling what the actual 
risk is.  It can only be stated that the "true risk" is between zero and the upper bound value 
estimated in the mathematical model. 


 
3. This analysis did not consider other chemicals and other routes of exposure.  Depending on what 


other chemicals are involved and what the exposure scenarios are, actual total risk could be 
different. 


 
4. The estimation of emissions from a facility and the modeling of ambient air impacts also have 


assumptions that must be considered in determining the likelihood that the risks represent actual 
risks. 


 
5. There may be other chemicals of concern that were not addressed or of which we do not currently 


know.  For this analysis, other contaminants contained in Table 3 of NR 445, Wisconsin 
Administrative Code, were excluded if their emissions were estimated to be below the de minimis 
emission rates in NR 445. 


 
6. Non-cancer risks were not addressed in this analysis. 
 
 
7. Environmental risks were not addressed in this analysis. 
 
8. Background levels and multiple sources of the pollutants were not addressed. 
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9. All risks were considered to be additive. 
 


WPS WESTON GENERATING STATION – ROTHSCHILD 
Emission Rates 


SOURCE 
ID 


SOURCE 
TYPE 


Diesel Particulate Rate 
(#/HR) 


S27 Point 0.0137 


S28 Point 0.0228 


S51A Point 0.50 


S51B Point 0.50 


S52A Point 0.50 


S52B Point 0.50 


S53A Point 0.50 


S53B Point 0.50 


S54A Point 0.50 


S54B Point 0.50 


S55A Point 0.50 


S55B Point 0.50 


 
Note #1:  The emission rates for S27 and S28 were adjusted to account for 200 hours of operation per 
year.  The maximum hourly rate was multiplied by 200 hours and the total divided by 8,760 hours for 
modeling. 
 
Note #2:  The emission rates for S51A through S55B are the maximum hourly rate, but within the analysis 
the units were restricted to operate only 1104 hours per year (12 hours per day during June, July, and 
August). 
  


WPS WESTON GENERATING STATION – ROTHSCHILD 
Point Source Parameters 


ID 
LOCATION 


(UTM) 
HEIGHT 


(M) 
HEIGHT 


(ft) 
DIA. 
(M) 


DIA. 
(ft) 


VELOCITY 
(M/S) 


TEMP 
(K) 


S27 290133, 4969492 9.14 30.00 0.20 0.67 0.10 722.0 


S28 289999, 4969633 6.10 20.00 0.25 0.83 0.10 672.0 


S51A 290333, 4970779 7.16 23.49 0.25 0.83 45.07 721.9 


S51B 290333, 4970779 7.16 23.49 0.25 0.83 45.07 721.9 


S52A 290335, 4970782 7.16 23.49 0.25 0.83 45.07 721.9 


S52B 290336, 4970783 7.16 23.49 0.25 0.83 45.07 721.9 


S53A 290338, 4970787 7.16 23.49 0.25 0.83 45.07 721.9 


S53B 290339, 4970787 7.16 23.49 0.25 0.83 45.07 721.9 


S54A 290341, 4970791 7.16 23.49 0.25 0.83 45.07 721.9 


S54B 290342, 4970791 7.16 23.49 0.25 0.83 45.07 721.9 


S55A 290344, 4970794 7.16 23.49 0.25 0.83 45.07 721.9 


S55B 290345, 4970795 7.16 23.49 0.25 0.83 45.07 721.9 


 
EMISSIONS FROM NEW EQUIPMENT OR MODIFICATION 
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Please see Tables #s 1, 2, 3 – 20A 


TOTAL EMISSIONS FROM NEW EQUIPMENT OR MODIFICATION 


Please see Table 1 


FACILITY AND PROJECT CLASSIFICATION 


1. Existing Facility Status: 
 
WPS - Weston Power Plant is located in Marathon County, which is attainment for all pollutants. The WPS - 
Weston Power Plant is one of the 28 PSD named source categories and the potential to emit for the 
existing facility are greater than 100 tons per year, thus classifying the WPS - Weston Power Plant as a 
major source for PSD purposes. 


2. Project Status: 


The net emissions increase and potential emissions for PSD pollutants from the proposed Weston 4 
project are summarized in Table 2.   Potential emissions of each pollutant exceed the PSD significance 
levels as shown on Table 2. Therefore the proposed project is a major modification to a major source for 
PSD purposes. 


3. Facility Status after Completion of Project: 


The facility will be a major source after the permit is issued because of the reasons identified above. 


Summary: 
 


NSR 
Applicability  


Existing 
Facility  


Proposed 
Project  


Facility After 
Project  


 
 


Major  Minor  Major  Minor  Major  Minor  


PSD  X   X   X   


Non-Attainment  NA   NA   NA   


Federal HAP  X   X   X   


Part 70 
Applicability  


Existing 
Facility  


Facility After 
Project  


 
 


Part 
70  


FESOP (Syn. 
Minor)  


non-part 
70  


Part 
70  


FESOP (Syn. 
Minor)  


Non-part 
70  


Status  X    X    
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ENVIRONMENTAL ANALYSIS 


An air pollution control permit for the proposed construction is a Type I action under Chapter NR 150, Wis. 
Adm. Code because the proposed facility is rated over 20 megawatts of electric power. The EIS for the 
project has been prepared by the PSC and DNR. The hearings on the final EIS will be held in 1st week of 
August. 


RULE APPLICABILITY 


Emission sources at the WPS - Weston 4 are subject to various Federal and State regulations. This 
section contain a discussion of PSD, NSPS and the Wisconsin Administrative Code as applied. 


Prevention of Significant Deterioration (PSD) Review (NR 405) 
The proposed project is classified as a major modification to the existing WPS - Weston Power Plant major 
stationary source for Prevention of Significant Deterioration (PSD) regulatory purposes. Therefore, a PSD 
permit application is required for all pollutants emitted by the project above the PSD significant emission levels. 


PSD review is a federal program for new major sources of regulated pollutants or major modifications to 
existing major sources. EPA delegated PSD review authority to the DNR who implements PSD through the 
construction permit process. The Wisconsin PSD program is found in NR 405. The project is considered a 
major modification to a major source because it has the potential emissions of each pollutant exceeding the PSD 
threshold level. Please see the project description and Table 2. 
The net emissions increase from the proposed modification is summarized in the Table 2. 
 
A summary of the proposed BACT for the Weston 4 Project's pollution emission sources at the primary Site is contained 
in Table 39. 
 
Table 39 Summary of control technologies proposed to reduce emissions from WPSC -    WESTON 
POWER PLANT pollutant emission sources 


 
Pollutant emission source               :                   


Proposed control technologies  


SCPC boiler  Low NOx burners, good combustion practices, fabric filter 
baghouse, dry FGD, sorbent injection system, SCR  


SCPC auxiliary boiler  Low NOX burners, good combustion practices, use of 
natural gas, limiting the hours of operations to 2,000 
hours in 12 consecutive months  


Welding operations  Restricting the amount of weld/rods materials used


Diesel booster pump  New diesel engine design, fuel oil with 0.003% sulfur, 
good combustion practices, limiting hours of operations to 
200 hours in any 12 consecutive months  


Diesel fire pump  New diesel engine design, fuel oil with 0.003% sulfur, 
good combustion practices, limiting the hours of 
operations to 200 hours in any 12 consecutive months  


Cooling tower  Use of high efficiency drift eliminators that will control 
drift to 0.002  


Coal storage piles  Wet suppression, compaction, covered conveyors, 
telescoping chute  


Limestone handling system  baghouse (dust collector) and exhaust fan assembly for 
PM removal  


Coal material handling point sources  Baghouse and wet dust suppression system


Ash/FGD waste material handling point 
sources  


Baghouse and pneumatic vacuum/pressure transfer 
system  


Roadways  Paved roads, new technology vacuum street sweeping 
for mitigation twice daily or whenever visible emissions 
from the haul roads. Hours of operation restrictions  
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National Ambient Air Quality Standards 


The federal Clean Air Act requires the EPA to establish National Ambient Air Quality Standards (NAAQS) for air 
pollutants that could adversely impact human health or welfare. Primary standards have been established to 
protect public health, while the secondary standards have been established to protect public welfare and the 
environment. NAAQS have been established for the following pollutants, collectively referred to as "criteria 
pollutants." 


• Sulfur dioxide (SO2) 
• Nitrogen oxides (NOX) 
• Carbon monoxide (CO) 
• Particulate matter less than 10 microns in diameter (PM10) 
• Ozone—volatile organic compounds (VOC) must be considered 
• Lead 


Based on the air quality modeling analysis done by the Department, the Weston 4 Project for the primary 
site (South site) is expected to meet the ambient air quality standards. 


New Source Performance Standards (NR 440) 


Section 111 of the Clean Air Act and ch. NR 440, Wis. Adm. Code establishes a regulatory scheme for 
controlling emissions of criteria air pollutants from identified source categories. Any construction or 
reconstruction of a source for which a New Source Performance Standard (NSPS) has been set is subject to 
that standard if construction or reconstruction occurs on or after the date the standard was proposed by the EPA. 
The requirements of 40 CFR 60 are the NSPSs for new or modified units. Any affected emission unit that is 
subject to a specific NSPS requires the following (under 40 CFR Part 60, Subpart A, and Wis. Admin. Code ch. 
NR440): 


• Notification and recordkeeping 
• Performance tests 


Compliance with standards and maintenance requirements 
Monitoring 


SCPC boiler 
The SCPC boiler will fire coal and natural gas and will be subject to Subpart Da of the NSPS requirements 
because it is a electric utility steam generating unit with heat inputs greater than 250 MMBtu/hr. The applicable 
Subpart Da emission limitations is summarized in Table 40. The boiler will also be subject to s. NR 440.20, Wis. 
Adm. Code. S. NR 440.20 is the equivalent of 40 CFR Part 60 Subpart Da.   
 
Table 40 NSPS emission limits for SCPC boiler 


 
Pollutant  NSPS limit  Reduction 


Requirements  
Averaging period  


PM  0.03 pound per million 
Btu* and opacity may not 
exceed 20% on a 6-
minute average, except 
for one 6-minute period 
per hour not greater than 
27% opacity.  


99 percent   


Visible emissions  20 percent opacity - -
SO2  1 .2 pound per million 


Btu  
90 percent **  30-day rolling average  


NOX  1 .6 pounds per million 
Btu  


-  30-day rolling average  
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The particulate emission standard under s. NR 440.20, Wis. Adm. Code does not include condensable 
particulate matter.  The NSPS limit varies depending upon fuel sulfur content, with a 90 percent 
reduction and 1.2 pound per million Btu limitation or a 70 percent reduction when emissions are below 
0.60 pound per million Btu. 


SCPC auxiliary boiler 


The SCPC auxiliary boiler would be subject to Subpart Db of the NSPS requirements, because this boiler would 
fire natural gas. 


This boiler will be designed as a high heat release rate boiler, the maximum allowable NOX emission would be 
0.20 pound per million Btu, when natural gas is burned. Compliance with the NOX emission limit is to be 
determined on a 30-day rolling average basis and applies at all times, including startup, shutdown, and 
malfunctioning. 


Coal handling and storage 


The coal handling and storage operations would subject to Subpart Y and s. NR 440.42, Wis. Adm. Code. For 
these operations, s. NR 440.42, Wis. Adm. Code would prohibit visible emissions of 20 percent opacity or 
greater from any coal processing and conveying equipment, coal storage system (except open storage), or coal 
transfer and loading systems. S. NR 440.42, Wis. Adm. Code is the equivalent of 40 CFR Part 60 Subpart Y. 


Limestone handling and storage 


There is an NSPS for nonmetallic mineral processing plant. Nonmetallic mineral processing plant means 
any combination of equipment that is used to crush or grind any nonmetallic mineral wherever located 
including lime plants, power plants or any other facilities. WPS - Weston Power Plant has indicated in 
their application that there will be no crushing or grinding taking place for Weston 4 project. Thus NSPS 
for nonmetallic mineral processing plant does not apply. 


Acid Rain Program (40 CFR 72 and 75, and NR 409) 


Title IV of the 1990 Clean Air Act Amendments established the federal Acid Rain Program, which sets as its 
primary goal the reduction of acid deposition through reductions in emissions of SO2 and NOX, the primary causes 
of acid rain. The Acid Rain Program established a system to reduce the total U.S. annual SO2 emissions by 50 
percent from 1980 levels. This reduction is equal to an annual reduction of 10 million tons per year. To achieve 
this goal at the lowest cost to society, the program employs a market-based approach for controlling air 
pollution. In addition, the program encourages energy efficiency and pollution prevention. 


The Acid Rain Program affects existing utility generators with an output capacity of greater than 25 megawatts and 
all new utility units. During Phase II of the program, which began in 2000, the Act sets a permanent annual ceiling 
(or cap) of 8.95 million "allowances" (one allowance is equal to one ton of SO2 emissions) as the total annual 
allowance allocation to utilities. This cap firmly restricts emissions and ensures that environmental benefits will 
be achieved and maintained, even when new facilities are constructed. 


The SCPC boiler is subject to the provisions of the federal Acid Rain Program requirements in 40 CFR Parts 72 
to 76, so an acid rain permit application will need to be submitted. The units would need to employ monitoring 
consistent with 40 Part 75 at the time the SCPC boiler begins initial operation. 


Section 112(g)-M ACT 


Case-by-case MACT 


The EPA's regulation of hazardous air pollutants (HAPs) has, since 1996, involved a case-by-case maximum 
achievable control technology (MACT) as set out in 40 CFR Part 63 Subpart B. Those regulations require case-by-
case determinations of MACT for each "major source" of HAPs constructed or reconstructed after an effective 
date which are listed by EPA and have yet to have a MACT standard promulgated.  
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Electric utility steam generating units had been exempted from the case-by-case provisions because they were 
not yet added to the source category list. On December 14, 2000, the EPA added coal- and oil-fired power 
plants to the Section 112(c) list of HAP sources, making coal- or oil-fired electric utility steam generating units that 
are constructed or reconstructed after December 14,2000 subject to the case-by-case provisions until the EPA 
promulgates a nationally applicable MACT standard to address them. The EPA expects to promulgate a final 
standard in 2004. Thus, a case-by-case MACT determination for the WPS - Weston Power Plant SCPC unit would 
need to be completed. 


MACT for industrial, commercial and institution boilers has been signed but has not been published in the 
federal register. Thus the case by case MACT established for this category of source in the proposed draft 
permit is identical to the signed MACT for industrial, commercial and institutional boilers. 


MACT for the natural gas heating stations 1 and 2 falls under the industrial, commercial and institutional boilers 
and process heaters MACT that has been signed. Since the heat input of these heating stations are less than 10 
mmBtu/hr, it doesn't have any emission limitations. 


MACT for reciprocating internal combustion engines (RICE) was just published June 15, 2004 in the federal 
register. A case by case MACT on the diesel fire pump and diesel booster pump does not apply to stationary 
units with a site rating of 500 brake HP or less. The proposed units have a rating of 265 brake HP. Therefore the 
MACT will not apply. 


There are two basic MACT concepts in the case-by-case technology determination: 


1. The MACT emission limitation or requirements recommended by the applicant shall not be less 
stringent than the emission control, which is now achieved in practice by the best-controlled 
similar source. 


2. Based upon available information, the MACT emission limitation and control technology shall 
achieve the maximum degree of HAP emissions reduction that can be achieved by utilizing those 
control technologies that can be identified from the available information, taking into consideration 
the costs of achieving such emission reduction and any non-air quality health and environmental 
impacts and energy requirements associated with the emission reduction. 


General HAP requirements 
Since the proposed SCPC unit would each be subject to a regulation contained in 40 CFR Part 63, they would also 
have general notification, record keeping, and monitoring requirements under 40 CFR Part 63, Subpart A. 


Accidental Release Prevention Program 


The CAA amendments of 1990 include language that requires chemical accident prevention provisions at 
affected facilities. Affected facilities are those stationary sources that store, use or handle any of 140 listed 
hazardous substances in amounts greater than the listed threshold quantities. Section 112(r) of 40 CFR Part 58, 
"Prevention of Accidental Releases," establishes the requirements for owners and operators of stationary 
sources that produce, process, handle or store any of the regulated chemicals. The purpose of this requirement 
is to prevent and mitigate accidental releases of these substances by preparing a detailed risk assessment and 
implementing a number of safety procedures through the preparation of a Risk Management Plan. 


If Weston 4 Project would store any of the listed chemicals or substances in quantities near or above the 
threshold levels then they would need to comply with CAA, Section 112(r)(1). 


Compliance Assurance Monitoring (CAM) 


The Compliance Assurance Monitoring (CAM) rule (40 CFR Part 64) establishes criteria for monitoring certain 
existing air pollution control devices to provide reasonable assurance of compliance with emission limits and 
standards. As specified in 40 CFR § 64.2(a), the CAM rule applies, on a pollutant-specific basis, to each 
emission unit at a major source if it: 


• Is subject to an emission limitation or standard for the pollutant. 
• Uses a control device to achieve compliance with the limit or standard. 
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• Has the potential for uncontrolled emissions of the pollutant equal to or greater than the major 
source threshold for that pollutant (in this case, 100 tons per year of any criteria pollutant, 10 tons 
per year of any individual HAP, or 25 tons per year of any combination of HAPs). 


However, 40 CFR 64.2(b)(1)(iii) specifies an exemption from the CAM rule for emission units (on a pollutant-
specific basis) that are subject to Acid Rain Program requirements. 
 
Since the facility is not constructed and operating under an operation permit, the submittal of a CAM plan is not 
required at this time. The SCPC boiler will utilize control devices for SO2, NOx, and PM. These units will be 
required to install a CEMs for the measurement of SO2, NOx and visible emissions in accordance with the 
federal acid rain program under 40 CFR Part 75. Therefore SO2, NOx and visible emissions would not be 
subject to CAM requirements because of the acid rain program. CAM monitoring for PM may rely upon the use 
of bag leak detector or opacity monitor as the primary indicator of compliance. In addition, additional and 
periodic performance tests using EPA PM test Methods may be required in accordance with s. NR 439, Wis. 
Adm. Code. 


The auxiliary boiler, emergency diesel equipment and natural gas heating station will not utilize control devices as 
defined in Section 64.1 of the CAM rule, and therefore CAM requirements will not apply to these units. 


Cooling tower: The PM/PM10 emissions from the operation of the cooling tower is subject to BACT. 
Bleach or sodium bromide are expected to be used for biofouling control. The Industrial Process Cooling 
Tower is subject to the following requirements per s. NR 468.30, Wis. Adm. Code. 


Use of no chromium based water treatment chemicals in the industrial process-cooling tower. Submit 
initial notification 12 months after initial startup. The notification shall include the following information 
and be signed by a responsible official who shall certify its accuracy: 
 1) The name and address of the owner or operator. 
 2) The address representing the physical location of the industrial process cooling tower. 
 3)  A statement that the initial notification is being submitted as required. 
 4)  A description of the type of water treatment program used in the industrial process cooling tower, 
      including the chemical name of each corrosion inhibitor ingredients used, the average concentration of 
    these corrosion inhibitor ingredients maintained in the cooling water, and a copy of the material safety 
    data sheet for each water treatment chemical or chemical compound used in the industrial process- 
    cooling tower. 


The facility also needs to submit notification of compliance status per s. NR 468.30(4)(b), Wis. Adm. Code and 
keep records as required under s. NR 468.30(4)(d), Wis. Adm. Code. 


Wisconsin Regulations and Policies 


The following DNR requirements apply to the proposed facility. 


NR 405 - Prevention of Significant Deterioration 


NR 405 establishes a new source review Prevention of Significant Deterioration program and requires 
new sources subject to the program to conduct extensive air modeling and to use the Best Available 
Control Technology. Weston 4 Project will comply with the requirements of NR 405. 


NR 406 - Construction Permit Application 


NR 406 requires that new processes that have the potential to emit an air contaminant, or modifications to such 
processes, obtain a permit to construct prior to installation. Such an application must be provided on approved 
application forms. 


The construction permit allows operation of the source until the operating permit is issued pursuant to NR 407 
for major sources under the Title V Renewable Operating Permit program. 
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NR 407 - Title V Operating Permit Program 


NR 407 requires that new major stationary sources apply for a Title V Operating Permit within 12 months of 
initial operation. 


NR 439 - Reporting, Recordkeeping, Testing, Inspection and Determination of Compliance 
Requirements 


NR 439 establishes comprehensive reporting, recordkeeping, testing, inspection and compliance 
determination requirements. Weston 4 project will comply with all applicable provisions of NR 439. 
 
NR 445 - Hazardous Air Pollutants 


The state of Wisconsin regulates the emissions of hazardous air pollutants under Wis. Adm. Code, ch. NR 445. NR 
445 exempts fuels that meet the definition of a "Virgin Fossil Fuel." Virgin fossil fuels are defined as any solid, refined 
liquid or refined gas fossil fuels with Btu contents greater than 7,000 Btu/lb that are not blended with reprocessed or 
recycled fuels. Natural gas, liquid petroleum gas, fuel oil, distillate fuel oil, gasoline, and diesel fuel are Group 1 virgin 
fossil fuels. Coal and residual fuel oil would be Group 2 virgin fossil fuels. 


Ammonia might be emitted as a result of ammonia "slip" from the SCR system for NOX emission control. Ammonia 
is a regulated HAP under NR 445, Table 1. 


The HAP emissions from the SCPC boiler when firing coal are exempt from NR 445 requirement because the 
emissions are vented from a stack, which meets the downwash minimization stack requirements. 


NR 415 • Control of Particulate Emissions 


The SCPC boiler, auxiliary boiler are subject to Wis. Admin. Code § NR 415.06 and have an allowable emission rate of 
0.1 pound per million Btu, for fuel burning sources that have a heat input of greater than 250 mmBtu/hr and emit PM. If 
the heat input is less than 250 mmBtu/hr, the allowable emission rate for PM is 0.15 pound per million Btu and emits 
PM. 


The project will be subject to fugitive emission control requirements. During construction, the project will prevent 
excessive emissions of particulate matter by paving, covering, wetting, or otherwise controlling particulate matter 
emissions. 


Following construction, fugitive dust at the plant site will be minimal because the plant site will be leveled, 
compacted, and covered with concrete and/or rock. 


All material handling sources are subject to the process weight limit found in s. NR 415.05(2), Wis. Adm. Code. 
All material handling sources associated with Weston 4 project will be in compliance with these emission limits. 


NR 428 - Nitrogen Oxides Emissions 


General limits apply. WPS - Weston Power Plant is located outside Kenosah, Milwaukee, Ozaukee, 
Washington or Waukesha County, thus NR 428.04 requirements does not apply.  


NR 431 - Visible Emissions 


NR 431 prohibits opacity emissions from the project in excess of 20 percent.   The project will be fired 
exclusively with coal, natural gas an diesel fuel oil and incorporate good combustion practices, which will limit 
visible emissions from the project. Additionally all ancillary materials handling equipment are also subject to 
20% opacity under s. NR 431.05, Wis. Adm. Code. The BACT requirements for these units will be 10% opacity. 
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NR 426 - Carbon Monoxide Emissions 


General limits apply. The air dispersion modeling performed indicates that this facility will not cause or contribute 
to a violation of the NAAQS. At the allowable emission limits. 


NR 417 and NR 418 - Sulfur Dioxide Emissions 


Ch. NR 418 (NR 418.035) does not apply because the auxiliary boiler is less than 250 mmBtu/hr and will fire only 
natural gas and not coal. 


s. NR 417.07(3)(a), Wis. Adm. Code, applies to the SCPC boiler.   Weston 4 unit is expected to meet these 
limits because the BACT limits are more stringent then the categorical limits under ch. NR 417, Wis. Adm. Code. 
For new steam generating units burning solid fuels the SO2 limit out of the stack is 3.2 Ib/mmBtu. The proposed 
SCPC boiler will have an SO2 emission rate of 0.10 Ib/mmBtu. 
 


The diesel engine generator and diesel fire pump will fire diesel oil with a maximum sulfur content of 
0.003 percent by weight. The heating station will fire natural gas. There are no requirements for units 
burning natural gas. 
 
Mercury/Beryllium 
 
Note:- Mercury is listed in Table A of s. NR 405.02(27Xa), Wis. Adm. Code, as well as beryllium in the ambient impact 
section of s. NR405.07(8Xa), Wis. Adm. Code. As such PSD review of these pollutants is required. The PSD 
significant level for mercury and beryllium respectively is 0.1 tons per year and 0.0004 tons per year. Based on Table 2 
both these pollutants are subject to PSD. 
 
Mercury emissions are subject to BACT under PSD and subject to case by case MACT. EPA has not finalized the 
MACT rule for mercury. The technical feasibility, environmental impacts, energy considerations and economics of 
installing add-on mercury controls were examined. For BACT and MACT determinations, please see the Hazardous Air 
Pollutants review. 


Lead 


Lead emissions are subject to BACT under PSD. The technical feasibility, environmental impacts, energy 
considerations and economics of installing add-on lead controls were examined. For BACT determinations, please see 
the Control Technology Review. 


Also lead is regulated under s. NR 427, Wis. Adm. Code. This regulation restricts any source from 
emitting lead in quantities or amounts that cause or contribute to an exceedance of air quality standards. 
The air quality modeling analysis indicates that the emissions of lead will not cause or contribute to any 
exceedance of air quality standards. 


Operation Permit 
 
The Department has completed its review on the operation permit application for the existing electric generating 
facility. The review is in public comment period as of writing this review for the Weston 4 project. 
 
ADDITIONAL IMPACTS ANALYSIS - Required for PSD Review under s. NR 405.13, Wis. Adm. Code. 


The PSD regulations require that additional impact analyses be conducted to consider the effects on 
visibility, secondary growth, soils, and vegetation. The following sections address these issues. Class 
1 Area Analysis 


The closest Class I area to the project site is the Seney Wilderness Area in the northern Michigan 
Peninsula, which is approximately 425 km to the north of the project. Additionally, the Rainbow Lake 
Wilderness Area (near Drummond, Wisconsin) is about 500 km from the project site and the Mammouth 
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Cave National Park in Kentucky is about 600 km from the proposed project. Federal PSD regulations 
require that the reviewing authority provide written notification of projects which may affect a Class I area. 
May affect is typically interpreted by EPA as a major source or major modification within 100 km. Since the 
project is greater than 100 km from any Class I area, and all modeled impacts meet all regulatory criteria, 
Class I area ambient air quality impacts are not addressed further in this application. 


Visibility 
 
PM, NOX, and SO2 emissions from this power plant have the potential to impact local and regional visibility. 
NOX and SO2 emissions react in the atmosphere to form sulfate and nitrate compounds. These compounds 
condense as very fine particulate matter and can cause visibility impairment. 
However, nitrate and sulfate deposition rates are air pollution issues for regional or long-range transport. The 
potential emissions of these pollutants from this power plant would be a small fraction of the annual 
statewide emissions as discussed below. As a result, this power plant is not expected to cause any 
perceptible visibility impacts to the region. 


A visibility analysis was performed on the nearest Class I area which is the rainbow lake National 
Wilderness Area located in northern Wisconsin. The visibility analysis was performed in accordance with 
the guidelines set forth in EPA-450/4-88-015, workbook for Plume Visual Impact Screening and Analysis. 
The visual results pass the Class I screening criteria at the nearest Class I area located 200 km away. 
With respect to visibility conditions around the plant, there are no known Class II screening visibility 
vreiteria that have been recommended at this time. Weston Unit 4 is proposed in a Class II area. 
Operation of the proposed emission sources will demonstrate compliance with state regulations restricting 
stack gas opacity to 20 percent. WPSC believes that if emissions comply with these levels, no adverse 
visibility impacts will occur in the immediate vicinity around the plant. 
 
Growth 
 
No residential or commercial growth is expected form the construction of the WPS - Weston 4 project. 
The majority of growth should be associated with the construction of the new Project, and will, thus be, 
short term. The building phase is expected to last approximately 4 years. Construction employment of 
approximately 1,000 workers is expected over the course of the construction period. Full time jobs directly 
tied to the operation of Weston 4 is estimated at 25 to 30 additional people at the generating station site. 


Soils and Vegetation 


Ten dominant soil types are mapped at or in the immediate vicinity of the project site. They include: 
Pembroke silt loam, 1 to 5 percent slopes (2B) 
Eldon chert silt loam, 5 to 14 percent slopes (3D) 
Wilderness cherty silt loam, 2 to 9 percent slopes (5C) 
Keeno and Eldon cherty silt loam, 2 to 5 percent slopes (33B) 
Goss-Gasconade complex, 2 to 10 percent slopes (43D) 
Goss - Gasconade complex, 2 to 10 percent slopes (44E) 
Wilderness and Goss cherty silt loams, 2 to 5 percent slopes (53B) 
Gasconade-Rock outcrop complex, 2 to 20 percent slopes (83D) 
Cedargap certy silt loam (94) 
Cedargap silt laom (95) 
 
Impacts to soil would result from deposition and incorporation of pollutants (SO2 and NO2) into the soil. However, 
due to low emission impacts, Unit 4 project should significantly offset the soils on-site or in the immediate vicinity. 
Impacts to vegetation could also be more direct, resulting from deposition of pollutants onto the plants 
themselves or absorption of soil pollutants by the plant roots. 


The primary pollutants in this case would be NOx, CO, SO2, and PM. In addition, this power plant would be a 
source of hazardous air pollutants, including ammonia, mercury, and other trace elements that occur in coal and 
limestone. The emissions and potential concentrations of hazardous air pollutants from the project are 
discussed below in more detail. 
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Emissions from the Weston 4 project units could cause increases in nitrate (NOx.) and sulfate (SO4.) ion 
deposition to soils and vegetation in the area. However, as discussed above with respect to visibility impairment, 
nitrate and sulfate deposition rates are regional or long-range transport air pollution issues. NOX and SO2 


emissions are normally transported tens to hundreds of miles before deposition occurs. As a result, the 
proposed project is not expected to affect area nitrate or sulfate deposition rates significantly. 


The national ambient air quality standards include public health and welfare standards intended to protect soils 
and vegetation from significant air pollution impacts. The Weston 4 Project units are being modeled, and to the 
extent that they demonstrate compliance with the NAAQS and PSD increment requirements, significant 
deposition impacts would not be expected. If the plant operated at 100 percent capacity and all of its emissions 
were deposited uniformly in an area surrounding it within a radius of 200 miles, the nitrate and sulfate 
deposition rates would represent a small percentage increase in nitrate and sulfate deposition. Actual impacts 
are expected to be very small. 


NEW SOURCE PERFORMANCE STANDARDS (NSPS) APPLICABILITY 


For a new proposed source: 


1. Is the proposed source in a source category for which there is an existing or proposed NSPS? 
Yes.   The applicable NSPS for the proposed power plant (SCPC boiler, aux boiler, and coal handling 
operation), are incorporated into the Wis. Adm. Code. (Please see the compliance review and rule 
applicability section) 


2. Is the proposed source an affected facility? Yes 


For an existing source which is being modified: 


1. Is the existing source, which is being modified, in a source category for which there is an existing 
or proposed NSPS? Not Applicable 


2. Is the existing source, which is being modified an affected facility (prior to modification)? Not 
Applicable 


3. Does the proposed modification constitute a modification under NSPS to the existing source. Not 
Applicable 


4. Will the existing source be an affected facility after modification? Not Applicable 


NATIONAL EMISSION STANDARDS FOR HAZARDOUS AIR POLLUTANTS (NESHAPS) 
APPLICABILITY 


1. Will the proposed new or modified source emit a pollutant controlled under an existing or proposed 
NESHAPS? Yes 


2. Is the proposed new or modified source subject to an existing or proposed NESHAPS? Yes for 
Industrial Process Cooling Tower. Please see the rule applicability section for cooling tower. 


CRITERIA FOR PERMIT APPROVAL 


Section 285.63, Wis. Stats., sets forth the specific criteria for permit approval. The Department finds that: 


1. The source will meet all applicable emission limitations and other requirements under ss. 285.01 
to 285.87, Stats. 


2. The source will not cause nor exacerbate a violation of an air quality standard or ambient air 
increment. 


 3.       The source is operating or seeks to operate under an emission reduction option. Not 
applicable. 
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3.  The source will not preclude the construction or operation of another source for which an air 
pollution control permit application has been received. 


DETERMINATION 


The preliminary determination of the DNR Air Management Program is that this project when constructed or 
modified and operated consistent with the application and subsequent information submitted will be able to 
meet the emission limits and conditions included in the attached Draft Permit. 


A final decision regarding emission limits and conditions will be made after the Department has reviewed 
and evaluated all comments received during the comment period. The proposed emission limits and other 
proposed conditions in the Draft Permit are written in the same form that they will appear in the 
construction permit and, where applicable, the operation permit. These proposed conditions may be 
changed as a result of public comments or further evaluation by the Department 
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PERMIT FEE CALCULATION 


 BASIC FEES:  


1. Construction or replacement of a PSD or NAA minor source or the PSD or NAA 
minor modification of a Part 70 minor source. ($2,300) 


 


2. PSD or NAA minor modification of a Part 70 major source ($4,400)  


3. PSD or NAA major modification of an existing PSD or NAA major source where 
the major modification is not a PSD or NAA major source by itself ($8,000) 


 


4. Construction of a PSD or NAA major source, or any modification that 
constitutes a PSD or NAA major source by itself.  ($12,000) 


12,000 


5. Revision of a valid construction permit. ($1,000)   


  ADDITIONAL FEES:  


1. The permit application required the review and analysis of two or more basic 
emissions units.  ($400 per basic emission unit)  26 units units 


10,400 


2. The permit application is for a nonattainment area major source requiring an 
analysis of alternatives.  ($1,350) 


 


3. The permit application is for a direct source which requires an emission offset 
under ch. NR 408, or the determination of a net emissions increase under ch. NR 
405.  ($3,350). 


 


4. The permit application is for a source which requires a case-by-case BACT, 
MACT or LAER determination. This excludes ch. NR 445 BACT or LAER 
determinations.  ($2,700 per BACT, MACT or LAER determination)  73 
determinations 


197,100 


5. The permit application is for a PSD or NAA minor source or minor modification 
to a major PSD or NAA source whose projected air quality impact requires a 
detailed air quality modeling analysis.  ($700) 


  


6. The permit application is for any source which is not a PSD or NAA minor 
source or minor modification to a PSD or NAA major source whose project air 
quality impact requires a detailed air quality analysis.  ($3,200) 


3,200 


7. The permit application is for a source which may emit a toxic or hazardous 
substance listed in s. NR 406.04(2)(f) or chs. NR 446 to 484.  ($650) 


650 


8. The permit application is for a source which requires a case-by-case ch. NR 
445 BACT or LAER determination.  A single determination may address multiple 
air contaminants.   ($1,350 per BACT or LAER determination) (benzene) 
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9. The permit application is for a source which requires a stack test.  ($1350 for a 
single air contaminant test plus $950 for each additional air contaminant, not to 
exceed $4,200)  


4,200 


10. The permit application is for a source which requires an environmental 
assessment under ch. NR 150.  ($1,050) 


 


11. A public hearing on the application is held at the request of the permit applicant 
or its agent.  ($950). 


950 


12. The permit application is for a source which requires an emission limit 
determination under s. NR 424.03(2)(b)2., Wis. Adm. Code.  ($400 per basic 
emissions unit) 


 


13. The application is for a source which requires specific permit conditions to limit 
the facility potential to emit in order to make the source or modification a PSD, 
NAA or Part 70 minor source or a PSD or NAA minor modification.  ($2,150) 


 


14. The application for a medical waste incinerator which requires review of a 
needs and siting analysis.  ($2,650) 


 


15. The application is for a source not reviewed under ch. NR 405 or 408, Wis. 
Adm. Code, where the applicant requested in writing and received the permit in 
50 days or less.  ($2,650) 


 


16. The application for a source which is subject to review under ch. NR 405 or 408 
where the applicant requested in writing and received the permit in 60 days or 
less.  ($4,000) 


4,000 


17. The application is for a source which is subject to review under ch. NR 405 or 
408 where the applicant requested in writing and received the permit in 61 to 90 
days or less.  ($2,650) 


 


  TOTAL FEE 232,500 


  CREDIT(S)  


1. The applicant publishes the newspaper notice ($150)     150 


2. The initial fee submitted with the application ($1000 or $500 prior to July 1, 
1995) 


  1,350 


  TOTAL AMOUNT DUE 231,000 


 







 


  


 


     Attachment 1 


 







 


  


The following infromation was provided in the air pollution control permit application. 
 
 
BOILER AND EMISSION CONTROLS 
 
WPSC plans to install a new coal-fired boiler that will utilize supercritical pulverized coal technology to generate steam 
to power a nominal 500 MW steam turbine generator.  The unit will provide baseload power to the electric grid on a 
continual basis.  Depending on energy requirements, the unit will operate at full load for the majority of its operating 
hours although the unit is also capable of partial load operation and load following operation.  The following 
equipment will also be installed in conjunction with the coal-fired boiler: 
 
 Low-NOX burners and selective catalytic reduction (SCR) 
 Dry flue gas desulfurization (FGD) and ancillary equipment 
 Fabric filter 
 Sorbent injection system and ancillary equipment 
 Dry waste product storage equipment 
 
Combustion controls (i.e., low-NOX burners) and SCR will be used to control NOX emissions.  To minimize the 
emission of SO2, a Dry FGD will be installed using lime as the reagent.  A fabric filter will be used to control PM10 
emissions.  Good combustion practices will control CO and VOC.  The Dry FGD system, in conjunction with the fabric 
filter, will be used for the control of acid gases.  The fabric filter will also control other inorganic HAPs (metals). In 
addition, a sorbent injection system will be installed to control mercury emissions from the proposed unit.  In addition, 
WPS is requesting an initial operation mercury control compliance testing procedure to determine if the BACT limit of 
1.7 lb/TBtu is attainable.  With this testing information, the Department will adjust the emission limit up to a more 
accurate emission limit for mercury when the operation permit is issued.  A similar condition was established in the 
WE energy permit #03-RV-166. 
 
COMBUSTION GAS STREAM AND MATERIAL STORAGE AND HANDLING 
 
The flue gas stream will first pass through the air heater and then into the SCR system, where ammonia will be 
injected to react with the NOX compounds to form nitrogen gas (N2) and water (H2O).  Next, the flue gases will pass 
through a part of the ductwork where some type of sorbent will be injected into the gas stream.  This sorbent will 
adsorb mercury and remove it from the gas stream.  Following the sorbent injection, the gases pass through the Dry 
FGD system where lime is added to the gas stream to remove SO2.  This resulting mixture of ash, lime and mercury 
laden sorbent will then be removed from the flue gases by a fabric filter and transferred to the fly ash silos.  A portion 
of this mixture will be recycled for use in the FGD system to improve the efficiency of lime utilization in the system.  
The remaining material, once in the silos, will be conditioned and loaded into trucks for transport to an approved 
landfill.  The fly ash silos and associated handling equipment will have baghouses to control PM10 emissions.  
 
Coal Handling System Description 
 
Coal Receiving – The rotary railcar dumper, associated thaw shed, and ladder track system portions of the coal 
receiving system are all existing.   
 
With the installation of Weston Unit 4, a new loop track and an automatic railcar positioner will be added.  The new 
loop track and positioner for Weston Unit 4 will be designed to accommodate up to 150 railcars at 100-150 short tons 
per railcar in the future. 
 
It is anticipated that the four-unit site will have an average coal burn rate of 11,400 tons per day which will require 
unloading an average of 0.9 trains per day or about six trains per week. 
 
Coal Stockout and Reclaim – The existing stockout pile and reclaim system incorporates Conveyors 1 and 2 (with an 
associated telescopic chute), the Junction House, a reclaim hopper (located under the existing stockout pile), a frozen 
coal cracker, a vibratory feeder, and Conveyor 3A.   
 
With the addition of Weston Unit 4, a second stockout pile will be added, along with new Conveyor 11 and an 
associated new telescopic chute.  The new stockout pile will be conical in shape and will be sized to accommodate 
approximately 20,000 short tons of coal.  Generally, coal in the new stockout pile will soon be reclaimed and used in 
Units 1 – 4 or will be dozed out onto the reserve coal storage area to permit space for stocking out coal arriving from 
the next train.   
 
In addition, a new reclaim hopper will be added under the new stockout pile.  This hopper will be furnished with a new 
water-collecting slide gate, new Frozen Coal Cracker C5A, a new variable-rate belt feeder, and new reclaim Conveyor 
12.   







 


  


 
Coal Storage – The existing coal storage area will be expanded.  Generally, the enlarged reserve or dead coal 
storage area should contain about 480,000 tons of coal. 
 
Coal Crushing and Silo Fill – The existing coal crushing and silo fill system incorporates components such as Crusher 
Surge Bin A, a vibratory feeder, Crusher C4A, Conveyors 4A – 8, and associated chutes and gates.   
 
With the addition of Weston Unit 4, the following new components will be added:  splitter and diverter gates, Crusher 
Surge Bin B, Belt Feeders F4A and F4B, Crusher C4B, Conveyors 14 – 17, and associated chutes.  The splitter and 
diverter gates, Crusher Surge Bin B, Belt Feeders F4A and F4B, Crusher C4B, and associated chutes will be located 
inside enclosed buildings.   
 
Coal Dust Control – With the addition of Weston Unit 4, six new coal dust collection systems and one new wet dust 
suppression system will be added to accommodate the new coal handling equipment.   
 
Generally, new dust collection systems will be of the induced draft type with multiple inlet hoods, a system of inlet and 
outlet ductwork, a fabric filter unit (located outdoors, at grade except for the coal silo dust collector which will be on 
the roof of the silo fill room), and an exhaust fan exhausting to atmosphere for each system.  New dust collectors will 
have polyester bags suitable for a guaranteed maximum dust emissions limit of 0.01 gr/dscf and a maximum air-to-
cloth ratio of 6 acfm of air per 1 ft2 of cloth.  Cleaning will be by compressed air pulse and “on demand” controls as 
opposed to continuous cleaning.  Each new dust collection system will include a rotary airlock and pneumatic 
conveying system to “stair step” the dust from unit to unit until it is ultimately discharged into one of at least two Unit 4 
coal silos.   
 
The new wet dust suppression system will be of the proportioned water and chemical type and will be provided for a 
ring spray header on the bottom of the new telescopic chute associated with new stockout Conveyor 11.  It is 
anticipated that the system will be self-draining but intended for use only in non-freezing weather. 
 
Ash and FGD Byproduct Handling System Description 
Bottom Ash – A bottom ash submerged scraper conveyor (SSC) will be installed beneath the furnace outlet on 
Weston Unit 4.  The SSC will be designed to continuously remove bottom ash, pyrites, and economizer ash from 
Weston Unit 4 at a normal rate of 11.9 tons per hour (dry basis).  This corresponds to the “design” distribution values 
for the three materials.  The upper trough of the SSC will be designed with sufficient storage capacity to permit up to 
four hours of continued material collection with the SSC out of service, based on the “expected” pyrites and ash 
generation rates.  The SSC will also be capable of intermittent “peak” removal rates which enable the unit to clear four 
hours of accumulated material within one hour of being started.  This corresponds to a “peak” intermittent removal 
capacity of 31.9 tons per hour (dry basis). 
 
Water is used in the SSC for bath cooling, sealing, fluidizing, and cleaning (chain sprays).  The cooling system for this 
unit will be an enclosed loop design utilizing water/water heat exchangers.  Water flowing from the upper trough of the 
SSC (typically 125-140 F) will discharge into a settling/surge tank.  The overflow water will be pumped through one of 
two heat exchangers to reduce the temperature of the process water to an acceptable level for use in SSC bath 
cooling (typically 90 F).  It is assumed that river water will be used as the heat exchanger cooling fluid. 
 
Bottom ash from both the new Weston Unit 4 SSC and the future Weston Unit 3 SSC will be directed into an enclosed 
(and heated) truck loading bay located between the two boiler buildings.  Material discharged from the Weston Unit 4 
SSC and the Weston Unit 3 transfer belt conveyor will drop through a common loading chute and into an open bed 
ash hauling truck.  This operation will require that the each unit’s SSC (and transfer conveyor) be periodically shut 
down to accommodate truck changes.   
 
Economizer Ash – Ash collected in the economizer and SCR ash collection hoppers will be continuously removed by 
way of a mechanical drag chain collection and transfer system.  Depending on the arrangement of the hoppers, one 
or multiple drag chain conveyors will be employed to evacuate the ash and direct it down into the SSC.  A double 
gated airlock valve(s) will be used to minimize air leakage and moisture infiltration into the system.  The system will be 
designed to continuously collect and remove ash at a minimum nominal capacity of 3 tons per hour. 
 
Pulverizer Rejects (Pyrites) – Pyrites will be collected in a dedicated pyrites hopper, located at the base of each 
pulverizing mill (total of five).  Emptying of each hopper will be performed on an intermittent basis through a jet pump 
and sluicing system that will discharge into the upper trough of the bottom ash SSC.  The capacity of the hoppers will 
allow for a minimum of four hours of storage at the “design” material distribution. 
 
FGD Byproduct/Fly Ash – The FGD system’s fabric filter byproduct/fly ash collection rate used for determining the 
capacity of the byproduct handling system is 170,700 pounds per hour. 
 
To accommodate the high material removal rates required from the fabric filter, the FGD byproduct handling system 







 


  


will consist of two (2) pneumatic vacuum/pressure transfer systems to remove material collected in the fabric filter 
hoppers and transport it to either the byproduct recycle bin or the FGD byproduct storage silo.  The nominal 
conveying capacity of each vacuum/pressure transfer system is 50 tons per hour. 
 
Fly Ash and FGD Byproduct Storage – An FGD byproduct storage silo will store up to eight (8) days of material 
generated by the Weston Unit 4 FGD system and fabric filter. The silo will be constructed of either concrete or steel 
and will include a silo floor fluidizing system to assist with material discharge during unloading operations.  The silo 
will be situated directly over a rail line servicing the FGD byproduct storage silo.  Secondary (emergency) loading 
bays will permit material to be unloaded dry, into enclosed tanker trucks, or conditioned, into open bed trucks.  One 
set of ash conditioning equipment (pugmill) and one dry unloading assembly will be provided for truck loading 
capabilities.   
 
The silo will be equipped with multiple dry load-out stations, using telescopic spouts for loading into enclosed rail cars. 
 In addition, the silo will include provisions for unloading into trucks (either enclosed or open bed). 
 
Pebble Lime Handling System Description 
 
Pebble Lime Receiving – Pebble lime (3/4” x 0”) will be delivered to the Weston Unit 4 site by 25 ton capacity 
pneumatic tanker trucks.  An area reserved for truck unloading will be located along the plant access road just 
northwest of the FGD byproduct storage silo.  
 
The pneumatic tanker trucks will be equipped with a positive displacement blower and material discharge hoppers 
connected to a pneumatic transport pipeline (header).  Stationary transport piping will extend from the roof of the 
pebble lime storage silo down to grade elevation, near the truck unloading area.  A flexible hose assembly with 
connectors will allow the operator to join the truck’s conveying header to the stationary transport piping. 
 
Pebble Lime Storage and Transfer – A single storage silo will store up to fifteen (15) days of pebble lime used in the 
Weston Unit 4 FGD system, based on the calculated reagent usage rates when burning Performance Fuel.  The silo 
will be constructed of carbon steel with a conical, live bottom discharge.  A dust collector and exhaust fan assembly 
will be located atop the silo roof and will filter particulate from the air exhausted from the silo. 
 
Material will discharge from the silo through a rotary airlock and feed a dilute phase pneumatic conveying system.  
The pneumatic conveying system will be designed to transfer pebble lime from the storage silo to the lime day bin at a 
nominal capacity of 25 tons per hour.  The FGD system will require that the pneumatic transfer system be operated 
once per day for a duration of between 2 to 4 hours, depending upon the fuel selection.  As with the pebble lime 
storage silo, the lime day bin will be equipped with a dust collector and exhaust fan assembly for particulate removal.  
 
Sorbent Handling System 
 
WPSC plans to utilize a sorbent injection system to comply with the control requirements for mercury.  At this time, 
neither a specific system nor a specific vendor have been chosen for this project.  As such, the type and style of the 
system is not known.  Some systems utilize a liquid reagent, in which case the material would be delivered to the 
facility in a tanker truck and pumped into a storage silo.  The liquid material would be fed to the injection system on an 
as-needed basis, making the only potential emissions from the process the fugitives arising from the haul trucks used 
to transport the material on-site. 
 
Other systems, namely the traditional powdered activated carbon (PAC) system, use a dry, powdery material that is 
trucked on-site and conveyed pneumatically into a storage silo.  From the storage silo, the material is pneumatically 
conveyed on an as-needed basis to the sorbent injection grid.  The only emission points will be the fugitive emissions 
from the haul road traffic and the emissions arising form the pneumatic transfer into the silo.  The silo emissions will 
be controlled by a baghouse, and the haul roads at the facility are all paved and cleaned, thereby minimizing fugitive 
duct emissions. 
 
COOLING TOWER 
 
A new wet cooling tower will also be added to the site to remove excess heat from the steam cycle.  Some particulate 
matter can become entrained in the plumes exiting the cells of the cooling tower.  These emissions will be minimized 
through the use of high efficiency drift eliminators. 
 







 


  


AUXILIARY BOILER AND DIESEL ENGINES 
 
A new auxiliary boiler will be built to support the new coal-fired generating unit.  The auxiliary boiler will have a 
maximum heat input of 230 MBtu/hr and will be fired solely by natural gas.  WPS proposes to operate this unit for 
2,000 hours annually, and therefore requested a limit on the hours of operation.  Two diesel engines will also be 
installed.  A 460 brake horsepower (bHP) diesel engine will be utilized as the main fire pump and will only be used for 
fire suppression purposes.  WPSC proposed to limit the operation of this diesel fire pump to 200 hours per year.  The 
second unit to be installed is a booster pump for the generator building with a proposed power output of 265 bHP.  
This unit will assist in circulating the water for the steam turbine during startups and shutdowns.  As such, the annual 
operational hours of this diesel booster pump will also be limited to 200 hours per year. 
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The following information obtained from the application. 
 
Emissions of criteria pollutants will accrue from Weston Unit 4 due to the combustion of coal in the boiler and 
associated equipment, the transfer of coal and combustion wastes, and a new wet cooling tower.  The Weston Unit 4 
boiler has the potential to emit NOX, SO2, CO, VOC, PM10, H2SO4, lead, beryllium, and mercury while the materials 
handling systems and cooling tower will potentially emit PM10.  Emissions from the boiler are dependent on the unit’s 
operating load.  To account for different load scenarios, emissions were analyzed at 25 percent, 50 percent, 75 
percent, and full load.  Table 1 shows the maximum expected potential hourly emission rates from the coal-fired boiler 
and the potential yearly emissions from other sources associated with the new boiler. 
 
The following assumptions were used to determine potential annual emissions from the coal-fired boiler: 
 Emissions for the boiler assumed full load for 8,760 hours annually 
 SO2 emissions assumed an emission rate of 0.10 lb/MMBtu on a 30-day rolling average 
 CO emissions assumed an emission rate of 0.15 lb/MMBtu 
 NOX emissions assumed an emission rate of 0.07 lb/MMBtu on a 30-day rolling average 
 PM10 emissions assumed an emission rate of 0.02 lb/MMBtu 
 VOC emissions assumed an emission rate of 0.0036 lb/MMBtu 
 H2SO4 emissions assumed an emission rate of 5.0·10-3 lb/MMBtu 
 Lead emissions assumed an emission rate of 2.59·10-5 lb/MMBtu 
 Mercury emissions assumed an emission rate of 1.70·10-6 lb/MMBtu on annual average 
 Beryllium emissions assumed an emission rate of 1.3·10-6 lb/MMBtu 
 
Table 2 lists the potential annual emissions for the boiler and the PM10 emissions from other new emission points 
associated with Weston Unit 4, including a new cooling tower, auxiliary boiler, additional diesel engines and some 
new material handling points.  Some of the existing material handling transfer points have existing PM10 emissions, 
but the processes are being modified or replaced, and potential emissions from these transfers may increase. 







 


 


            Table 1 
Maximum Hourly Emission Rates for Weston Unit 4 


S O U R C E  
D E S C R I P T I O N  


Operating 
Load 


NOX Emission 
Rate (lb/hr) 


CO Emission 
Rate (lb/hr) 


PM10 Emission 
Rate (lb/hr) 


SO2 Emission 
Rate (lb/hr) 


VOC 
Emission 


Rate (lb/hr) 


H2SO4 Mist 
Emission 


Rate (lb/hr) 


Lead 
Emission 


Rate (lb/hr) 


B O I L E R  Full 362.1 776.4 103.5 517.3 18.6 25.9 0.13 


 75% 271.6 582.3 77.6 388.0 14.0 19.4 0.10 


 50% 181.1 388.2 51.8 258.7 9.3 12.9 0.07 


 25% 90.5 194.1 25.9 129.3 4.7 6.5 0.03 


  Tons/year Tons/year Tons/year Tons/year Tons/year Tons/year Tons/year 


Cooling Tower -- -- -- 16.5 -- -- -- -- 


Coal Handling -- -- -- 36.1 -- -- -- -- 


Lime Handling -- -- -- 1.59 -- -- -- -- 


Ash Handling -- -- -- 17.1 -- -- -- -- 


Storage Piles -- -- -- 1.00 -- -- -- -- 


Haul Roads A,B -- -- -- 0.62 -- -- -- -- 


Auxiliary Equipment -- 5.94 20 1.42 0.04 3.43 -- -- 


A – Additional emissions from new boiler operation only. 
B – Emissions from the new fly ash traffic and lime traffic only. 
 


 
Table 2 


P O T E N T I A L  E M I S S I O N S  F R O M  W E S T O N  U N I T  4  A N D  A N C I L L A R Y  O P E R A T I O N  


Pollutant 
Potential Emissions 


(Tons per Year) 
 Pollutant 


Potential Emissions 
(Tons per Year) 


PM10 529.2  VOC 85.0 


C O  3,421 Lead 0.59 


NOX 1,613  H2SO4 Mist 113.3 


SO2  2,266  Mercury 0.039 


TSP 535  Beryllium 0.029 


 







 


 


EMISSION SOURCES 
Emissions from Weston Unit 4 will originate from the boiler, auxiliary boiler, diesel engines, the cooling tower, and 
associated material handling systems.  Each new emission point is discussed in more detail in the sections below.  
Control device descriptions, efficiencies and the procedures for estimating emissions, are also discussed below.  
Tables showing the emission calculations are alos included in this attachment. 
 
BOILER 
One new supercritical pulverized coal-fired (PC) boiler will be installed.  The boiler will be equipped with Low-NOX 
burners and SCR to reduce NOX emissions, Dry FGD to control SO2 and acid gases, and a fabric filter to control 
PM10.  Individual pollutant emission estimates are presented below.  The boiler stack also vents the gas fired air 
dilution heater (B29).  Values below are presented without the heater contribution. 
 
Boiler NOX Emissions 
The new boiler will have a NOX emission rate of 0.07 lb/MMBtu on a 30-day rolling average.  The maximum heat input 
to the boiler is 5,173 MMBtu/hr, resulting in NOX emissions as follows: 


ENOx = (5,173 MMBtu/hr heat input) * (0.07 lb/MMBtu) 
 = 362.1 lb/hr 
 = 1,586 tons per year 
 


Boiler SO2 Emissions 
The emission rate for SO2 was assumed to be 0.10 lb/MMBtu on a 30-day rolling average based on the BACT 
analysis.  The maximum heat input to the boiler is 5,173 MMBtu/hr, resulting in SO2 emissions as follows: 


ESO2 = (5,173 MMBtu/hr heat input) * (0.10 lb/MMBtu) 
 = 517.3 lb/hr 
 = 2,266 tons per year 


 
Boiler CO Emissions 
The emission rate for CO was assumed to be 0.15 lb/MMBtu based on the BACT analysis.  The maximum heat input 
to the boiler is 5,173 MMBtu/hr, resulting in CO emissions as follows: 


ECO = (5,173 MMBtu/hr heat input) * (0.15 lb/MMBtu) 
 = 776.0 lb/hr 
 = 3,399 tons per year 


Boiler PM10 Emissions 
The emission rate for PM10 was assumed to be 0.02 lb/MMBtu based on the BACT analysis.  The maximum heat 
input to the boiler is 5,173 MMBtu/hr, resulting in PM10 emissions as follows: 


EPM10 = (5,173 MMBtu/hr heat input) * (0.02 lb/MMBtu) 
 = 103.5 lb/hr 
 = 453.15 tons per year 


 
Boiler VOC Emissions 
The emission rate for VOC was assumed to be 0.0036 lb/MMBtu based on the BACT analysis.  The maximum heat 
input to the boiler is 5,173 MMBtu/hr, resulting in VOC emissions as follows: 


EVOC = (5,173 MMBtu/hr heat input) * (0.0036 lb/MMBtu) 
 = 18.6 lb/hr 
 = 81.6 tons per year 
 


Boiler H2SO4 Emissions 
The emission rate for H2SO4 was assumed to be 5.0·10-3 lb/MMBtu based on the sulfur content of the coal and the 
SO2 controls in the BACT analysis.  The maximum heat input to the boiler is 5,173 MMBtu/hr, resulting in H2SO4 
emissions as follows: 


EH2SO4 = (5,173 MMBtu/hr heat input) * (5.0·10-3 lb/MMBtu) 
 = 25.9 lb/hr 


  = 113.3 tons per year 
 
Boiler Lead Emissions 
The emission rate for lead was assumed to be 2.59·10-5 lb/MMBtu based on the PM10 controls in the BACT analysis.  
The maximum heat input to the boiler is 5,173 MMBtu/hr, resulting in lead emissions as follows: 


EPb = (5,173 MMBtu/hr heat input) * (2.59·10-5 lb/MMBtu) 
 =  0.13 lb/hr 







 


 


 =  0.59 tons per year1 
 
Boiler Mercury Emissions 
The emission rate for mercury was assumed to be 1.70·10-6 lb/MMBtu based on an 83 percent reduction over 
uncontrolled levels as detailed in the MACT analysis.  The maximum heat input to the boiler is 5,173 MMBtu/hr, 
resulting in mercury emissions as follows: 


EHg = (5,173 MMBtu/hr heat input) * (1.70·10-6 lb/MMBtu) 
 =  0.0088 lb/hr 
 =  0.039 tons per year2 


 
Other Boiler Emissions 
In addition to the criteria pollutants discussed above, other materials are present in the coal or can be formed as a by-
product of combustion in the boiler and have the potential to be emitted in small quantities.  Metals present in the coal 
are listed in Table 3 along with their controlled potential emissions. 
 


Table 3 
Projected Metal Emissions 


Pollutant 
Emission 
Factor* 


(lb/ton coal) 


Potential 
Emissions 
(tons/year) 


Antimony 0.000018 0.03 


Arsenic 0.00041 0.57 


Beryllium 0.000021 0.03 


Cadmium 0.000051 0.07 


Chromium 0.00026 0.36 


Chromium (VI) 0.000079 0.11 


Cobalt 0.0001 0.14 


Magnesium 0.011 15.39 


Manganese 0.00049 0.69 


Nickel 0.00028 0.39 


Selenium 0.0013 1.82 


* AP-42: Table 1.1-18 
 
Emission estimates are based on emission factors taken from AP-42 Section 1.1, Bituminous and Subbituminous 
Coal Combustion (9/98).  Several assumptions were made to allow for a “worst-case” calculation of emissions.  It is 
assumed that the boiler will burn coal at the rate of 5,173 MMBtu per hour for the entire year (8,760 hours), and the 
firing process will release all of these contaminants contained in the coal.  None of these pollutants were assumed to 
be entrained in the bottom ash and the only control  
devices available will be the SCR, the Dry FGD, and baghouse system.  In actuality, the unit will operate for less than 
8,760 hours annually and some of the material will be captured in the bottom ash while other material will be more 
effectively removed in the SCR, sorbent injection system, Dry FGD, and baghouse control system. 
 
COOLING TOWER 
A new wet cooling tower is proposed to handle the new load created by the boiler.  Water from the cooling tower is 
cycled through the circulating water system to remove heat from the Weston Unit 4 steam turbine exhaust.  The 
makeup water when supplied to the cooling tower contains trace amounts of dissolved minerals.  These constituents 
can become entrained in the cooling tower drift (liquid water droplets carried along with the evaporated water) and be 
emitted as PM10.  The maximum concentration of solids in the water is determined by design limits of the equipment.  
For purposes of estimating PM10 emissions from the cooling tower, a total dissolved solids concentration is assumed 
to be 1,500 ppm.  The high efficiency drift eliminators will control drift to 0.002 percent, leaving a drift rate of 
approximately 5.01 gallons of water per minute lost from the cooling tower.  An emission rate was calculated as 
follows: 


 


                                                 
1 Based on MACT emission rate. 


2 Based on MACT emission rate. 







 


 


1,500 ppm = 0.0015 pounds of solids per pound of water 
(0.0015 lb PM / lb water) * (5.01 gpm) * (8.34 lb/gal) = 0.063 pounds per minute PM emitted 
(0.063 lbs/min) * (60 min/hr) = 3.76 pounds per hour of PM10 emitted from the new cooling tower 
(3.76 lb PM10/hr) * (8,760 hr/yr) / (2000 lbs/ton) = 16.5 tons / year of PM10 for new cooling tower 


 
MATERIALS HANDLING OPERATIONS 
 
Emissions of PM10 result from the transfer and handling of other materials on-site.  These materials include the low-
sulfur western subbituminous coal, lime and ash materials.  Additionally, the haul roads on-site as well as the storage 
piles will generate fugitive emissions. 
 
AUXILIARY BOILER EMISSIONS 
When the facility is not in operation, one 230 MMBtu/hr auxiliary boiler will be used to provide process heat as 
necessary.  As the facility is intended to produce intermediate load electricity needs, the auxiliary boiler will see limited 
use.  Emissions are estimated for the boiler assuming an annual operational schedule of 2,000 hours.  Low-NOX 
burners will be installed to reduce NOX emissions from this unit, and good combustion practices will control emissions 
of CO and VOC.  As natural gas is the only fuel source, SO2 and PM10 emissions will also be minimal.  
 
EMERGENCY DIESEL FIRE PUMP 
A diesel-fired fire pump will be installed on-site to handle fire-suppression for the new unit.  The firepump will have a 
power output of 460 brake horsepower (bHP) and will be fired using low sulfur No. 2 Diesel.  The unit will be fired 
briefly each week to ensure its operational availability, but normal operation of this unit is not expected.  Emissions for 
this unit were calculated based on 200 hours of firing per year and using AP-42 emission factors.   
 
DIESEL BOOSTER PUMP 
A booster pump for the generator building will also be installed in association with this project.  This unit will assist in 
circulating the water for the steam turbine during startups and shutdowns.  The pump will have a power output of 265 
bHP and will be fired using low sulfur No. 2 Diesel.  As such, the annual operational hours of this diesel booster pump 
will also be limited to 200 hours per year.   







 


 


Table 4  
Summary of Controls for New Sources 


Emission 
Point ID 


Stack ID Pollutant Controls Used* 
Efficiency 


(%) 
Emission Limit 


Requested 
Notes 


B04 S04 CO CC N/A 0.15 lb/MMBtu  
includes  NOX CC and SCR 46.70 0.07 lb/MMBtu 30-Day Rolling 


B29  PM10 BH 99.76 0.02 lb/MMBtu  
  SO2 DFGD 80.00 0.10 lb/MMBtu 30-Day Rolling 
  Hg SI, DFGD, BH 83 1.7 lb/TBtu annual 


B25 S25 CO CC N/A 4.00 lb/MMBtu 2,000 hrs/yr 
  NOX CC and DLNB  0.10 lb/MMBtu  
  PM10 CC and CF  0.36 lb/MMBtu  
  SO2 CC and CF  0.03 lb/MMBtu  


P26 S26 PM10 DE 99.80 0.314 lb/hr  
B27 S27 CO CC N/A 3.03 gm/hp-hr 200 hrs/yr 


  NOX CC and ITR  14.06 gm/hp-hr  
  PM10 CC and CF  1.00 gm/hp-hr  
  SO2 CC and CF  0.93 gm/hp-hr  


B28 S28 CO CC N/A 3.03 g/hp-hr 200 hrs/yr 
  NOX CC and ITR  14.06 g/hp-hr  
  PM10 CC and CF  1.00 g/hp-hr  
  SO2 CC and CF  0.93 g/hp-hr  


P30 S30 PM10 BH 99+ 0.01 grains/dscf  
P41 S41 PM10 BH 99+ 0.01 grains/dscf  
P42 S42 PM10 BH 99+ 0.01 grains/dscf  
P43 S43 PM10 BH 99+ 0.01 grains/dscf  
P44 S44 PM10 BH 99+ 0.01 grains/dscf  
P45 S45 PM10 BH 99+ 0.01 grains/dscf  
P46 S46 PM10 F/S 99+ 0.02 grains/dscf  
P47 S47 PM10 F/S 99+ 0.02 grains/dscf  
P48 S48 PM10 F/S 99+ 0.02 grains/dscf  
P49 S49 PM10 BH 99+ 0.02 grains/dscf  
P50 S50 PM10 BH 99+ 0.02 grains/dscf  
P61 S61 PM10   0.11 lb/hr  
P62 S62 PM10   0.11 lb/hr  
B63 S63 CO CC and CF N/A 84 lb/106 scf  


  NOX CC and CF N/A 100 lb/106 scf  
  PM10 CC and CF N/A 7.6 lb/106 scf  
  SO2 CC and CF N/A 0.6 lb/106 scf  


B64 S64 CO CC and CF N/A 84 lb/106 scf  
  NOX CC and CF N/A 100 lb/106 scf  
  PM10 CC and CF N/A 7.6 lb/106 scf  
  SO2 CC and CF N/A 0.6 lb/106 scf  


 
*Abbreviations: 


CC = Combustion Controls 
CF = Clean Fuel 
BH = Baghouse 
DE = Drift Eliminators 
DFGD = Dry Flue Gas Desulfurization 
SI – Sorbent Injection 
DLNB = Dry Low-NOX Burners 


F/S = Filter/Separator 
ITR = Ignition Timing Retard 
SCR = Selective Catalytic Reduction







 


 


 
 
 
                                                                                Table 5 
                                                 Annual HAP Emission Estimates for Weston 4 
Pollutant tpy Pollutant tpy 


1,1,1-Trichloroethane 0.028 Ethylene dibromide 0.0017 
2,4-Dinitrotoluene 0.00039 Ethylene dichloride 0.056 
2-Chloroacetophenone 0.010 Formaldehyde 0.34 
Acetaldehyde 0.80 Hexane 0.09 
Acetophenone 0.021 HCla 47.92 
Acrolein 0.41 HFb 4.91 
Antimony 0.03 Isophorone 0.81 
Arsenic 0.57 Lead 0.59 
Benzene 1.82 Manganese 0.69 
Benzo(a)pyrene 0.000053 Mercuryc 0.009 
Benzyl chloride 0.98 Methyl bromide 0.22 
Beryllium 0.029 Methyl chloride 0.74 
Biphenyl 0.0024 Methyl ethyl ketone 0.55 
Bromoform 0.055 Methyl hydrazine 0.24 
Cadmium 0.071 Methyl methacrylate 0.028 
Carbon Disulfide 0.18 Methyl tert butyl ether 0.049 
Chlorobenzene 0.031 Methylene chloride 0.41 
Chloroform 0.08 Napthalene 0.018 
Chromium 0.36 Nickel 0.39 
Cobalt 0.14 Phenol 0.022 
Cumene 0.0074 Propionaldehyde 0.53 
Cyanide 3.50 Selenium 1.82 
DEHP 0.10 Styrene 0.035 
Dimethyl sulfate 0.067 Tetrachloroethylene 0.060 
Dioxins 0.00034 Toluene 0.34 
Ethyl benzene 0.13 Vinyl acetate 0.011 
Ethyl chloride 0.059 Xylene 0.052 
            Total              70.50 tpy 
 
d- Emission rate determined using chlorine content of coal and assuming FGD efficiency of 96%. 
e- Emission rate determined using fluorine content of coal and assuming FGD efficiency of 96%. 
f- Emission rate determined using emission rate from best controlled similar source (1.7 lb/trillion Btu) 
 
 
The following atbles obatined form the application.  Hard copies of these tables can be obatined by contacting the 
review engineer Raj Vakharia at 608-267-2015 
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     Attachment 4 


 







 


 


5.16 CASE-BY-CASE MACT ANALYSIS 


5.16.1 Organic HAPs 
While trace quantities of organic products of incomplete combustion (PICs) will be emitted, these are well controlled 
by implementation of BACT for CO/VOC.  PIC emissions can be reduced by operating with higher flame temperatures 
and longer furnace residence times.  However, higher flame temperatures and longer furnace residence times result 
in an increase of NOX emissions.  Achieving low PIC and NOX emissions is a balancing act in the boiler design and 
operation.  A search of the RBLC database was conducted to determine what controls for organic HAPs are listed for 
coal-fired combustion units.  BACT for organic HAPs from similar sources is listed as combustion controls, and no 
indication is given of units installing additional control devices to limit organic HAP formation. 
 
Other VOC control technologies are not suitable for solid fuel-fired boilers.  Catalytic reduction using oxidation 
catalysts converts VOCs into CO2 and H2O.  However, this technology is not feasible for solid fuel boilers because 
ash in the gas stream will destroy the catalyst after a very short period of operation.  WPSC will use good combustion 
practices to control organic HAPs in accordance with the practice currently in use at the best controlled sources.  This 
level of control represents the maximum level of control for similar sources, and was chosen as MACT for this project. 
 


5.16.2 Dioxins 
Dioxin can form in any combustion process in which there are ample amounts of chlorine and unburned hydrocarbons.  AP-
42 emission factors indicate that chlorinated dioxins are present at extremely low concentrations in the exhaust stream of a 
pulverized coal boiler.  Low levels of dioxin are formed in the coal-fired boiler combustion process because the coal 
combustion products contain only small amounts of chlorine and unburned hydrocarbons.  The only source of chlorine is the 
fuel, and coal (low-sulfur western subbituminous coal in particular) has only trace levels of chlorine.  Modern pulverized coal 
burners do not produce substantial quantities of unburned hydrocarbon compounds.   
 
Control of dioxin emissions has been accomplished through the use of activated carbon injection on some non-utility 
processes.  For example, PCB incinerators, which have been identified as high dioxin emitters, often inject activated 
carbon upstream of a baghouse.  This method has been proven effective in controlling dioxin emissions from the 
incinerator.  However, these incinerators have much higher dioxin concentrations in the gas stream than PC boilers. It 
is not known if activated carbon injection would reduce dioxins from utility PC boilers, since it has not been applied to 
those applications. 
 
Trace amounts of unburned carbon in the fly ash and other adsorbents in the flue gas stream may act to control any 
trace amounts of dioxin that might form in a pulverized coal boiler.  In the baghouse, the fly ash forms a layer, or 
cake, over the filter media.  The flue gas stream, and any trace dioxin which may be present, must pass through this 
cake, resulting in an effective carbon adsorption mechanism. 
 
Pulverized coal units are low emitters of dioxins.  Pollution prevention techniques (i.e., utilizing low chlorine, low-sulfur 
western subbituminous coals), combined with the carbon content of the fly ash in the gas stream and the baghouse 
yields the highest level of control for dioxin for Weston Unit 4 and represents MACT for this source. 
 
5.16.3 Acid Gas HAPs 
The RBLC database was also queried to determine what controls for gaseous HAPs (hydrogen chloride [HCl], 
hydrogen fluoride [HF]) are listed.  BACT for similar sources is listed as a scrubber system, and although the Dry FGD 
is primarily designed to remove SO2, it would also remove acid gases such as HCl and HF to a very high degree of 
efficiency.  Estimates based on available data from the literature indicate that the acid gas removal rate for wet and 
dry FGD systems is significantly greater than the removal rate of SO2 from the exhaust stream.  WPSC estimates that 
the acid gas removal rate for Weston Unit 4 will exceed 95 percent.  Accordingly, a Dry FGD system with baghouse 
represents the maximum degree of control for acid gases from this source.  Weston Unit 4 will use a Dry 
FGD/baghouse combination for gaseous HAPs control in accordance with the best-controlled source methodology. 
 
5.16.4 Metallic HAPs 
Trace levels of metallic HAPs will be emitted from Weston Unit 4 since trace metals are inherent constituents of the 
coal mineral matter.  Metallic HAPs can be broken down into three distinct categories: low-volatile, semi-volatile and 
high-volatile metals.  The low- and semi-volatile metals, (antimony, arsenic, beryllium, cadmium, chromium, cobalt, 
lead, manganese, nickel and selenium) are either removed through the bottom ash, in which case they never become 
airborne, or else readily adhere to the fly ash and are removed through the particulate control devices.  The low- and 
semi-volatile metals are well controlled by implementation of BACT for PM10.  A search of the RBLC database was 
conducted to determine what controls for the above listed metallic HAPs have been implemented.  BACT for metallic 
HAPs is listed as a baghouse or a combination baghouse and FGD scrubber system.  Weston Unit 4 will use a 
baghouse and Dry FGD for metallic HAPs control in accordance with the practice currently in use at the best 







 


 


controlled sources.  This control configuration represents the maximum degree of control for similar sources and was 
chosen as MACT for low- and semi-volatile metals.  Mercury, a high-volatile metal, is discussed in the next section. 
 
5.16.5 Mercury 


US EPA has determined that mercury is the HAP of primary concern from coal-fired utility boilers and specifically 
targeted mercury for the utility MACT standard that was proposed January 30, 2004.  Under section 112(g), new 
boilers will have to meet the new MACT standard once promulgated by EPA.  This administrative process is 
scheduled for completion prior to the boiler’s anticipated start-up date of 2008.  The control level presented as case-
by-case MACT in this application may be revised in the future based on EPA’s promulgation of the MACT for mercury 
from coal-fired utility boilers.3  In anticipation of the promulgation of MACT for mercury, a case-by-case MACT 
analysis was conducted to determine if the proposed sorbent injection system would qualify as MACT for mercury.  
The focus of this case-by-case MACT demonstration is on establishing a MACT control level for mercury based on 
currently available information.  Two basic MACT concepts established by 40 CFR 63.43(d) are described below: 
 


1) The MACT emission limitation or requirements recommended by the applicant shall not be less stringent 
than the emission control which is achieved in practice by the best controlled similar source.  For this source, this 
entails examining emissions rates that have been achieved by pulverized coal units firing western subbituminous 
coal.  This would represent the minimum level of control that would qualify as MACT. 
2) Based upon available information, the MACT emission limitation and control technology shall achieve the 
maximum degree of reduction in emissions of HAP that can be achieved by utilizing those control technologies 
that can be identified from the available information, taking into consideration the costs of achieving such 
emission reduction and any non-air quality health and environmental impacts and energy requirements 
associated with the emission reduction. 


 
5.16.5.1 MERCURY DATA AND CONTROL 
 
Mercury and chlorine are naturally contained in soils and mineral deposits, including those in coal.  During the 
combustion process, minute quantities of mercury that may be present in the coal are vaporized in the boiler.  When 
chlorine is present, a portion of the gaseous mercury may form oxidized mercury (Hg2+), while the remainder of the 
mercury is present in the flue gas in its elemental form (Hg0) or bound with the particulate matter (HgP) in the flue gas. 
 Higher chlorine levels in the flue gas result in higher levels of mercury oxidation (lower levels of elemental mercury).  
The relative propensity of the mercury to segregate into elemental and oxidized form depends on the speciation of 
mercury in the coal, the fly ash composition and chlorine content, the combustion system, and the flue gas 
temperature. 
 
The ability of air pollution control equipment to remove mercury from flue gas varies significantly depending on 
whether it is in elemental or oxidized form.  The oxidized form of mercury is water soluble and relatively easy to 
remove with FGD systems.  However, elemental mercury is not water soluble, and therefore cannot be effectively 
controlled by FGD systems or particulate controls. 
 
Unlike coals found in the eastern United States, Powder River Basin coal contains relatively low levels of chlorine, 
which has a direct effect on the chemistry of mercury in the flue gas stream.  According to Berkanpas et al. (2001), 
over 70 percent of the mercury emitted from eastern bituminous coals is in the oxidized form, while for western coals, 
75 percent or more of the mercury is in the elemental form.  This difference explains why FGD systems and 
particulate controls are more effective at controlling mercury emissions from eastern bituminous coals than for 
Powder River Basin coal. 
 
There was virtually no mercury emissions data available for coal-fired power plants until 1999, when EPA conducted 
the nationwide “Electric Utility Steam Generating Unit Mercury Emissions Information Collection Effort Information 
Collection Request” (the ICR).  The ICR was divided into three parts.  Part I was a solicitation from all coal-fired 
electric utility steam generating units of data regarding the type of coal used, the method of firing the coal, the amount 
of coal burned, the mercury content of the coal, the method of SO2 control, and the method of particulate matter 
control.  Part II consisted of coal sampling and analysis from every coal-burning power plant over an entire calendar 
year.  Part III involved simultaneous speciated mercury sampling (“stack testing”) before and after the final control 
device at selected units. 
 
Units participating in the mercury speciation testing portion of the ICR were selected based on the boiler type, the 
type of coal burned, the SO2 control method, and the particulate matter control method at each plant.  Part III of the 


                                                 
3 This may also be affected by the enactment of Clear Skies legislation, which could supercede the Utility Toxics MACT. 







 


 


ICR was completed May 31, 2000.  The testing consisted of three runs at each sampling location, using the Ontario-
Hydro modified method.  Three samples of coal as fed to the furnace were also collected during the stack testing and 
analyzed as part of the stack testing program. 
 
In recent years, a number of mercury emission tests on utility boilers have been performed by US EPA and other 
organizations.  This emission testing has been performed on many types and sizes of boilers with a wide range of 
firing designs, coal feed streams and add-on air pollution control equipment.  Within the data categories for similar 
units, a wide variety of results can be seen, and this variability is not yet fully understood.  This makes it difficult to 
predict the impact of different coal sources and emission control equipment configurations on mercury emissions. 
Although the recent mercury testing and ICR data adds greatly to the knowledge of mercury emissions from power 
plants, mercury emissions rate data remains limited.  Additional research is necessary before mercury control 
systems can be reliably selected and designed for individual western coal installations. 
 
With the exception of a few demonstration projects and pilot-scale programs, current mercury control technology for 
coal-fired boilers is either a Dry FGD with a downstream particulate collector or wet FGD with an upstream particulate 
collector.  A review of the ICR database indicates that the air pollution control systems for western subbituminous 
coal-fired units were less effective at mercury removal than those for eastern bituminous coal-fired units.  For 
example, units burning western subbituminous coals that have particulate controls and flue gas desulfurization 
systems were shown to achieve between zero and 50 percent mercury control.  Units firing eastern bituminous coals 
with similar control equipment frequently achieve over 90 percent mercury removal.  This is expected since the 
majority of the mercury emission from low-sulfur western subbituminous coal-fired units is in the form of elemental 
mercury (due to low chlorine content). 
 
Elemental mercury is not removed by Wet or Dry FGD, but can be controlled to some degree by post-combustion 
technology.  Certain adsorbents, such as activated carbon, when combined with baghouse technology, are thought to 
be capable of removing both elemental and oxidized mercury from the flue gas.  The adsorbents effectively bind 
elemental mercury, either in the flue gas itself or when the gases pass through the built up layer of materials (filter 
cake) surrounding each baghouse bag, and reduce mercury emissions.  The adsorbent, along with the trace amounts 
of mercury, is collected in the baghouse and disposed via normal fly ash methods.  Test data regarding the use of 
adsorbents to control mercury emissions is very limited, particularly for subbituminous coal-fired units.  Substantial 
testing is needed before it can be determined if adsorbent injection can provide effective mercury control on 
subbituminous coal-fired units.   
 
One final variable to consider when examining mercury emissions is the quantity of mercury contained in the coal 
prior to combustion.  Although the fuel supply for Weston Unit 4 will fluctuate, the 1999 ICR coal test data set for 
Weston may be a representation of the mercury in the coal for Weston Unit 4.  The measured mercury concentration 
at Weston ranged from 0.008 ppmwd to 0.126 ppmwd or 10.6 lb/TBtu.  Berkenpas et al. (2001) indicate that for 
subbituminous coals, mercury concentrations range from 0.02 parts per million (ppmwd) to 0.26 ppmwd.  The 1999 
ICR data for all Wyoming subbituminous coal ranged from 0.008 ppmwd to 0.490 ppmwd, or about 40.7 lb/TBtu, 
which may indicate the fluctuation of mercury concentration in the coal for Weston Unit 4. 
 
5.16.5.2 IDENTIFICATION OF BEST CONTROLLED SIMILAR SOURCE 
ICR research data is posted on EPA’s website.4  The ICR data tables indicate that speciated mercury testing was 
performed on two plants similar to Weston Unit 4.  These two units, Sherburne Unit 3 (Becker, MN) and Rawhide 
Energy Station’s Unit 1 (Wellington, CO), burn subbituminous coals and are equipped with Dry FGD/baghouse control 
systems.  Mercury related data for these two units is summarized in the following table.  Control efficiency across the 
Dry FGD/baghouse system is shown, based on inlet measurements. 
 


(i) Table 5-17 


Mercury Data for Best Controlled Similar Source – ICR Test Result 


 Coal Hg (ppmwd) Hg Emissions (lb/TBtu) Control Efficiency (%) 


Sherburne Unit 3 0.077 7.56 5 


Rawhide Station 1 0.073 7.8 33 


 
It should be noted that in some of the test runs for both units, the mercury emissions measured in the flue gas 


                                                 
4 http://www.epa.gov/ttn/atw/combust/utiltox/utoxpg.html 







 


 


exceeded the mercury available from the coal.  This finding raises questions about the accuracy of the ICR data, as 
well as the ability of the testing methods to accurately predict emission rates.  Data validity could be compromised by 
non-representative sampling or other indeterminate errors introduced during testing.  At a minimum, the results 
illustrate the difficulties encountered and the caution required in interpreting the limited data collected to date.  Having 
noted these caveats, the MACT Floor analysis indicates that the mercury emission rate for Weston Unit 4 should be 
equivalent to the best controlled similar units operating in the range of 7.5 to 7.8 pounds per trillion Btu (lb/TBtu).  
From here, US EPA guidance5 indicates that additional controls that would control mercury emissions beyond the 
Floor level should be evaluated.  Those controls would be evaluated based on technological feasibility, economic 
factors and any secondary environmental impacts. 
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Such an analysis was performed for the MCBU permit issued by IDNR in June 2003.  This analysis concluded that 
activated carbon injection at a rate of 10 lb/million acf would reduce mercury outlet concentration to 1.7 lb/TBtu.  The 
IDNR analysis was based on test data from a lignite-fired unit in North Dakota and utilized some experimental 
sorbents.  However, IDNR decided that the test data was representative of a PRB-fired PC unit and the technology 
was transferable.  As such, an emission limit of 1.7 lb/TBtu was established. 
 
The recently proposed Utility Toxic MACT standard, published in the Federal Register on January 30, 2004, indicates 
that the emission rate for a PC unit firing PRB fuel, an emission rate of 2.3 lb/TBtu was appropriate.  The emission 
rate listed in the MCBU permit is approximately 26 percent lower than the federally proposed standard.  WPSC has 
contacted vendors and it is questionable as to whether or not the emission rate of 1.7 lb/TBtu can be met.  However, 
discussions with the WDNR have indicated that WDNR believes that such a low rate is achievable and should be 
considered MACT.  As was discussed in the BACT section, WPSC requests the WDNR include similar wording to the 
WE Energies Elm Road Generating Station Permit which allows for a modified emission limit in case the proposed 
emission limit cannot be achieved. 
 
WPSC believes that a testing condition is necessary.   There is some uncertainty that such a consistent low emission 
rate can be achieved over the life of the unit.  Additionally, the technologies that may possibly be used at this facility 
are still in the testing phase.  Full-scale operation of a sorbent injection system on a PRB coal-fired boiler is not a 
commercially available technology, and WPSC requests that Weston Unit 4 not be made into an experimental facility 
in order to determine what emission rates are achievable.  WPSC will work with the WDNR to establish what test 
methodology should be used and how to demonstrate that the controls, as establish on the unit, will achieve the 
maximum amount of mercury reduction without having WDNR request additional variables (i.e., sorbent injection rate, 
sorbent type, sorbent injection equipment/setup) be modified in an attempt to achieve some theoretically lower 
emission rate. 
 
 







 


 


5.16.5.3 CASE-BY CASE MACT APPLICATION 
The requirements for case-by-case MACT application are detailed in 40 CFR 63.43.  A MACT application must 
demonstrate how Weston Unit 4 will achieve a degree of emissions reduction that is at least as stringent as the 
emissions reduction that would have been realized had US EPA promulgated MACT standards for mercury control 
from coal-fired boilers.  US EPA proposed the Utility MACT standard in the Federal Register on January 30, 2004.  
The MACT being proposed in this report for Weston Unit 4 concentrates on the best level of mercury control being 
achieved in practice by other similar sized pulverized coal-fired boilers firing low-sulfur western subbituminous or 
similar fuel.  An evaluation is then made of the practicality of achieving even greater emissions reductions utilizing 
available technologies. 
 
The following corresponds to the case-by-case MACT application content described in 40 CFR 63.53(e). 
 


(i) The name and address (physical location) of the major source to be constructed or 
reconstructed. 


Wisconsin Public Service is proposing to construct Weston Unit 4 adjacent to Unit 3 on the existing Weston 
Power Plant Facility.  The facility is located approximately eight miles south of Wausau, Wisconsin. 


 
(ii) A brief description of the major source to be constructed or reconstructed and identification 
of any listed source category or categories in which it is included. 
As permitted, Weston Unit 4 will consist of one nominal 500 MW (± 30 MW) pulverized coal-fired utility steam 
electric generating unit.  The listed source category is “Utility Steam-Electric Generating Units.”  The new 
boiler is the source for which this case-by-case MACT is being performed.  The boiler will be equipped with 
Low-NOX burners and SCR for NOX reduction, Dry FGD for SO2 and acid gas control, and baghouse for 
PM10 control. 


 
(iii) The expected date of commencement of construction. 
Construction is proposed to commence in Fall 2004. 


 
(iv) The expected date of completion of construction. 
Construction is expected to be complete in 2008. 
 
(v) The anticipated date of commencement of operation. 
Weston Unit 4 is expected to commence commercial operation in 2008. 


 
(vi) The HAPs emitted by the constructed major source, and the estimated emission rate for 
each HAP. 
Estimates of the potential HAP emissions for Weston Unit 4 are listed in Table 5-18.  These emission 
estimates are based on AP-42 emission factors, proximate analyses of the low-sulfur western subbituminous 
coal, and the mercury emission rate of the best controlled similar source.  US EPA has determined that 
mercury is the HAP of primary concern for this source type. 
 
(vii) Any federally enforceable emission limitations applicable to the constructed or 
reconstructed major source. 
Federally enforceable emission limits can be established as an addendum to this PSD permit in conjunction 
with other applicable NSPS and BACT limitations.  Specifically, MACT has already been established for 
organic PICs through the BACT emission rate limitations for CO and VOC, which will be met through the use 
of good combustion practices.  The alkaline nature of the lime being injected into the flue gas for SO2 control 
will also be highly effective in controlling acid gas emissions (HCl and HF).  BACT for PM10 was determined 
to be a baghouse, which will also control metals.  The baghouse controls mercury by acting as the medium 
for filter cake formation.  The filter cake, consisting of alkaline fly ash, entrained FGD solids, and traces of 
unburned carbon, will trap particulate mercury, and may also absorb some portion of the elemental mercury. 
 Oxidized mercury will react with FGD solids and will be collected on the filter as well. 


 
(viii) The maximum and expected utilization of capacity of the constructed or reconstructed 
major source, and the associated uncontrolled emission rates for that source. 
Weston Unit 4 will be permitted to operate for 8,760 hours annually at 100 percent load.  The emission rates 
presented in Table 5-18 reflect the potential HAP emissions based on this operating scenario.  It is expected 
that this unit will typically operate with an annual capacity factor of 85 percent. 
 
(ix) The controlled emissions for the constructed or reconstructed major source in tons per year 
at expected and maximum utilization capacity, to the extent this information is needed by the 







 


 


permitting authority to determine MACT. 
The controlled HAP emission rates (based on long-term averages) are provided in Table 5-18.  This table 
lists all HAPS that have been identified in AP-42 as being emitted from coal-fired combustion processes. 


 
(x) A recommended emission limitation for the constructed or reconstructed major source 
consistent with the principles set forth in paragraph (d) of this section. 
As previously stated, MACT has yet to be established for control of mercury or other HAP emission from 
coal-fired utility steam-electric generating units.  A case-by-case MACT must be at least as stringent as that 
which is achieved in practice by the best controlled similar source.  The application of BACT for SO2, CO, 
VOC and PM10 will result in a level of HAP control for Weston Unit 4 that is at least as stringent as that which 
is being achieved in practice by any other PC unit combusting low-sulfur western subbituminous coal.  The 
proposed mercury emission limitation for Weston Unit 4 is 1.7 lb/trillion Btu. 


 
(xi) The selected control technology to meet the recommended MACT emission limitation, 
including technical information on the design, etc. 


As previously stated, MACT for emissions of mercury and other HAPS from pulverized coal boilers burning low-
sulfur western subbituminous coal is concluded to be the control technology that was demonstrated to be BACT 
for this project for SO2, CO, VOC and PM10, namely dry FGD, fabric filters and good combustion practices. 


 
(xii) Supporting documentation including identification of alternative control technologies 
considered, and analysis of cost of non-air quality health environmental impacts or energy 
requirements for the selected control technology. 


The project was required to perform a BACT analysis for SO2, CO, VOC and PM10.  These analyses took into 
account environmental and energy impacts from the equipment.  Less effective control strategies did not satisfy 
the BACT requirements, and hence alternatives were not examined.  There are no incremental impacts to 
analyze when utilizing the same control technology for more than one pollutant (i.e., Dry FGD for both SO2 and 
HCl/HF controls).  No alternative mercury controls were considered since none exist that are proven on PRB 
coal-fired units. 
 


(xiii) And other relevant information required pursuant to Subpart A. 
No other relevant information has been identified. 


 
5.17 MACT COMPLIANCE 
For compliance with the MACT standard for PIC, metals, acid gases, and mercury, three different control systems are 
being utilized: the Dry FGD, baghouse, and good combustion practices.  SO2 emissions are monitored through the 
use of CEMS and so will also provide a good indicator of the effectiveness of the control system on HCl and HF.  
Compliance with the MACT will be based on the proper operation and maintenance of the Dry FGD system.  
Compliance with the organic PIC emissions will be based on good combustion practices and records required via the 
PSD permit. 
 
Control of metal emissions, including mercury, will be through a detailed CAM plan for PM10.  This will detail the 
proper use and maintenance of the baghouse control systems and will demonstrate compliance with the BACT 
requirements for PM10 as well as the MACT limitations for mercury and metals.







 


 


Table 5-18 
Annual HAP Emission Estimates for Weston Unit 4 


Pollutant tpy Factor  Pollutant tpy Factor 


1,1,1-Trichloroethane 0.028 AP-42  Ethylene dibromide 0.0017 AP-42 


2,4-Dinitrotoluene 0.00039 AP-42  Ethylene dichloride 0.056 AP-42 


2-Chloroacetophenone 0.010 AP-42  Formaldehyde 0.34 AP-42 


Acetaldehyde 0.80 AP-42  Hexane 0.09 AP-42 


Acetophenone 0.021 AP-42  Hydrogen Chloride GasA 47.92 Calculation 


Acrolein 0.41 AP-42  Hydrogen Fluoride GasB 4.91 Calculation 


Antimony 0.03 AP-42  Isophorone 0.81 AP-42 


Arsenic 0.57 AP-42  Lead 0.59 AP-42 


Benzene 1.82 AP-42  Manganese 0.69 AP-42 


Benzo(a)pyrene 0.000053 AP-42  MercuryC 0.039 BACT/`MACT 


Benzyl chloride 0.98 AP-42  Methyl Bromide 0.22 AP-42 


Beryllium 0.029 AP-42  Methyl chloride 0.74 AP-42 


Biphenyl 0.0024 AP-42  Methyl ethyl ketone 0.55 AP-42 


Bromoform 0.055 AP-42  Methyl hydrazine 0.24 AP-42 


Cadmium 0.071 AP-42  Methyl methacrylate 0.028 AP-42 


Carbon Disulfide 0.18 AP-42  Methyl tert butyl ether 0.049 AP-42 


Chlorobenzene 0.031 AP-42  Methylene chloride 0.41 AP-42 


Chloroform 0.08 AP-42  Naphthalene 0.018 AP-42 


Chromium 0.36 AP-42  Nickel 0.39 AP-42 


Cobalt 0.14 AP-42  Phenol 0.022 AP-42 


Cumene 0.0074 AP-42  Propionaldehyde 0.53 AP-42 


Cyanide 3.50 AP-42  Selenium 1.82 AP-42 


DEHP 0.10 AP-42  Styrene 0.035 AP-42 


Dimethyl sulfate 0.067 AP-42  Tetrachloroethylene 0.060 AP-42 


Dioxins 0.00034 AP-42  Toluene 0.34 AP-42 


Ethyl benzene 0.13 AP-42  Vinyl acetate 0.011 AP-42 


Ethyl chloride 0.059 AP-42  Xylene 0.052 AP-42 


1)
otal


70.53 tpy 


A – Emission rate determined using chlorine content of coal and assuming FGD efficiency of 96%. 
B – Emission rate determined using fluorine content of coal and assuming FGD efficiency of 96%. 
C – Emission rate determined using emission rate from best controlled similar source (7.5 lb/trillion Btu). 
 







 


 


(ii) Recent Case-by-Case MACT Determinations For 
Mercury 


Company 
Mercury 


Limit 
(lb/TBtu) 


Limit Basis Control Technology Fuel Type Boiler Type 


WE Energy 1.12* BACT / 
MACT


SCR + FF + WFGD + 
WESP


Bituminous SCPC 


MidAmerican 1.7** MACT SCR + ACI + DFGD + PRB SCPC 


RoundUp 2.69 MACT SCR + DFGD + FF PRB PC 


Thoroughbred 3.21 BACT / 
MACT


SCR + ESP + WFGD + 
WESP


Bituminous PC 


Cornbelt 4.0 + options MACT SCR + WFGD + WESP Mine mouth \ Coal 
f


Experimental 
U fi dingerville 6.9 MACT SCR + DFGD + FF Sub-Bituminous PC 


WPSC Weston 4 7.5* BACT / 
MACT


SCR + DFGD + FF PRB SCPC 


Plum Point 12.8 MACT SCR + DFGD + FF PRB \ Blend PC 


Kentucky Mountain 81   Coal Refuse CFB 


Great Plains 0.19 TPY  SCR + DFGD + FF PRB PC 


Southern Illinois Power Not 
Add d


 Not Addressed Coal Refuse CFB 


Black Hills Wygen No Limit  DFGD+ESP PRB PC 


EnviroPower No Limit  Lime Injection + SNCR 
FF


Coal Refuse CFB 


Hawthorn No Limit  SCR + DFGD + FF PRB PC 


Two Elks No Limit  SCR + DFGD + FF PRB PC 


Sand Sage  No Limit  SCR + DFGD + FF Sub-Bituminous PC 


Rocky Mountain No Limit  MULTI + SCR + 
WFGD


Sub-Bituminous PC 


* Draft – final permit not yet issued. 
** Data provided above describes how the Iowa WDNR set the Council Bluffs mercury limit, which is 
questionable. 
 
Facilities in BOLD have not yet started operations 
 
Legend 
 
 ACI – Activated Carbon Injection 


DFGD – Dry Flue Gas Desulfurization 
FF – Fabric Filter 
MULTI - Multiclone 
SCR – Selective Catalytic Reduction 
SNCR – Selective Non-Catalytic Reduction 
WESP – Wet Electrostatic Precipitator 
WFGD – Wet Flue Gas Desulfurization 


PRB – Powder River Basin 
SCPC – Super-Critical Pulverized Coal 
PC – Pulverized Coal 
CFB – Circulating Fluidized Bed 







 


 


Facilities that utilize fuels other than sub-bituminous PRB coal were eliminated from the analysis for Weston Unit 4. 
 This eliminates WE Energies, Thoroughbred, Cornbelt, Kentucky Mountain, Southern Illinois Power and 
EnviroPower from the analysis. 
 
Similarly, based on the significance of boiler type, circulating fluidized bed (CFB) boilers can be eliminated from 
the analysis for Weston Unit 4.  Consequently, Cornbelt, Kentucky Mountain,  Southern Illinois Power and 
EnviroPower are eliminated from the analysis for boiler type as well as fuel type.   
 
A summary of the remaining facilities is as follows: 
 
 


Recent Case-by-Case  Mercury MACT Determinations For Units Similar to Weston 4 


Company 
Mercury Limit 


(lb/TBtu) 
Control Technology Fuel Type Boiler Type 


MidAmerican 1.7* SCR + ACI + DFGD + FF PRB SCPC 


RoundUp 2.69 SCR + DFGD + FF PRB PC 


ingerville 3&4 6.9 SCR + DFGD + FF Sub-Bituminous PC 


WPSC Weston 4 7.5 SCR + DFGD + FF PRB SCPC 


Plum Point 12.8 SCR + DFGD + FF PRB \ Blend PC 


Great Plains 0.19 TPY SCR + DFGD + FF PRB PC 


Black Hills Wygen No Limit DFGD + ESP PRB PC 


Hawthorn No Limit SCR + DFGD + FF PRB PC 


o Elks No Limit SCR + DFGD + FF PRB PC 


Sand Sage No Limit SCR + DFGD + FF Sub-Bituminous PC 


Rocky Mountain No Limit EXHIBIT AMUL Sub-Bituminous PC 


 
Only one of the facilities listed above (Hawthorn) is currently operational.  None of the facilities with established or 
proposed case-by-case MACT mercury limits lower than the Weston Unit 4 proposed limit are actually operational.  
Other units that are currently operating include the Sherburne Unit 3 (7.56 lb/TBtu) and Rawhide (7.8 lb/TBtu).  
Actual testing indicates that the mercury emission rates are approximately 7.5 lb/TBtu.  Consequently, the Weston 
Unit 4 proposed case-by-case MACT was established as 7.5 lb/TBtu, based on actual test data from operating units 
in line with the top 12 percent of currently operating units.   
 
The mercury MACT determination in the RoundUp permit takes into account the fact that RoundUp is utilizing a 
very low mercury content coal, as noted in this excerpt from the RoundUp permit evaluation: 
 


“Mercury emissions from a power plant are a function of several factors including fuel mercury content, 
fuel chlorine content, boiler type and operation, flue gas composition, and the type of emission controls 
used for criteria pollutants.  According to RoundUp Power, the mercury concentration of coal ranges from 
an average of approximately 2.5 pounds per trillion British thermal units (lb/TBtu) to approximately 
20 lb/TBtu.  The average mercury concentration of U.S. coal is reported in the utility RTC to be 
approximately 7.7 lb/TBtu.  Based on available analyses of Bull Mountains coal, the mercury concentration 
of the fuel used for RoundUp Power is expected to be approximately 4.2 lb/TBtu.” 


 
RoundUp accepted the 4.2 lb/TBtu coal mercury content as a limit in their permit.  The permit review concludes that 
the expected control efficiency for mercury from the co-benefit of sulfur dioxide and particulate matter controls is 
estimated to be 36 percent (for the combination of SCR, dry flue gas desulfurization and fabric filter).  RoundUp has 
a similar control train to the train that is proposed for Weston Unit 4.  
 
Similarly, the Springerville technical support document notes that the new units will utilize coal with approximately 
11.0 #/TBtu as noted in this excerpt: 
 


“The primary variable affecting mercury emissions is the quantity of mercury contained in the particular 







 


 


coal being burned.  Western coals exhibit generally lower mercury content than eastern coals.  However, 
even within the category of  “Powder River Basin Coal,” mercury content varies from 0.06 ppm for the 
Rochelle variety to 0.11 ppm for Thunder basin.  The Lee Ranch coal proposed to be burned at the TEP - 
SGS Unit 3 and Unit 4 has a typical mercury content of 0.1 ppm.  On an uncontrolled basis, assuming that 
all mercury in coal is emitted (i.e., none is retained in bottom ash), this equates to approximately 0.000011 
pounds per million Btu heat input, or 420 pounds of mercury emitted per year from each boiler.” 


 
 
Consequently, the differences that are seen in the established RoundUp and Springerville mercury emission limits 
can be attributed to differences in coal mercury contents.  Both of these case-by-case MACT limits were set at a 
level representing approximately 36% reduction of the mercury input content of the coal.   These units utilize similar 
control trains and should be expected to obtain similar control efficiencies (~36 percent).   
 
An analysis of the above data indicates that Weston Unit 4 has the lowest proposed mercury emission rate for a 
super-critical pulverized coal boiler utilizing the combination of SCR with dry flue gas desulfurization and fabric 
filter controls.  One other similar unit, the Plum Point unit has similar controls and fires similar fuel, but has an 
established case-by-case mercury limit of 12.8 pounds per trillion BTU, well above the proposed limit for Weston 
Unit 4.  Three other facilities, including the Hawthorn unit also utilize similar controls and have similar fuels and 
have no established mercury limit (unlimited).  Two more units with control trains unlike the Weston Unit 4 controls 
also are allowed unlimited mercury emissions. 
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Any proposed construction at a major source having the potential to emit regulated pollutant at levels greater than the 
corresponding PSD significance levels is subject to PSD review, including a BACT analysis for each of these pollutants. 
 The projected controlled annual emissions and PSD significance levels for Weston Unit 4 are shown in Table 5-1.  The 
potential controlled emissions in Table 5-1 are based on continuous operation of the unit for an entire year 
(8,760 hours) at an assumed Maximum Continuous Rating (MCR) heat input of 5,173 MMBtu/hr.    


Table 5-1 
Weston Unit 4 Annual Emissions and Significance Levels 


Pollutant 
Potential Controlled 


Emissions (tpy) 
PSD Significance Level 


(tpy) 
BACT 


Required 


PM10 529.2 15 Yes 


CO 3,421 100 Yes 


NOX 1,613 40 Yes 


SO2 2,266 40 Yes 


VOC 85.0 40 Yes 


Lead 0.59 0.6 No 


Sulfuric Acid Mist 113.3 7.0 Yes 


Mercury 0.039 0.1 NoA 


Beryllium 0.029 0.0004 YesA 


 
A.  BACT analysis is required by Wisconsin state regulations, not federal regulations at an annual emission rate of 200 
pounds per year.  Projected potential emissions are less than this rate; however, WPSC has performed a BACT 
analysis per WDNR guidance. 
 
Table 5-1 indicates that the controlled potential to emit for NOX, SO2, PM10, VOC, CO, sulfuric acid mist, and beryllium 
are greater than the respective PSD significance level.  These seven pollutants are subject to BACT review because 
they exceed the PSD significance levels.  While the emission rate for mercury is less than the state PSD threshold level 
of 0.1 tons (200 pounds) per year, a BACT review was performed on mercury per WDNR guidance. 
 
A BACT analysis was performed using the “top-down” approach, which is described in the next section.  A summary of 
the BACT results is shown in Table 5-2.  A more detailed explanation behind the selection of each control technology 
and emission rate is given in Section 5.3. 







 


   


 


Table 5-2 
BACT for Weston Unit 4 Boiler 


Pollutant Control Method Emission Rate lb/MMBtu 


NOX 
Combustion Controls and  
Selective Catalytic Reduction 
(SCR) 


0.07 


SO2 
Dry Flue Gas Desulfurization 
(Dry FGD) 


0.10 


PM10 Baghouse 0.020 


CO Combustion Controls 0.15  


VOC Combustion Controls 0.0036 


Sulfuric Acid Mist Dry FGD and Baghouse 0.005 


Mercury (Hg) 
Dry FGD, Baghouse and 
Sorbent Injection 


1.7·10-6 


Beryllium (Be) Baghouse 1.30·10-6 


  
 
NOX Control: For pulverized coal-fired (PC) boilers firing low-sulfur western subbituminous coal, the most effective 
technology for NOx control is a combination of combustion controls followed by selective catalytic reduction.  A NOX 


emission level of 0.07 lb/MMBtu (30-day average) is recommended to be BACT for Weston Unit 4.  This emission limit 
does not cover include periods of startup, or shutdown, or malfunctions.  In order to incorporate the startup and 
shutdown emissions, WPSC proposes an annual emission rate of 0.07 lb/MMBtu for all periods.  This emission rate will 
be averaged on a 12-month rolling basis.  Part 5.3 presents a further discussion of how this emission rate was derived. 
 
SO2 Control: Dry FGD is capable of achieving an SO2 emission rate of 0.10 lb/MMBtu (30-day average).  It was 
identified as BACT for Weston Unit 4 for a number of environmental and technical reasons, which are listed in Part 5.4. 
 
PM10: The greatest degree of particulate control is achieved through the use of baghouses (fabric filters).  Therefore, a 
baghouse capable of controlling emissions to 0.020 lb/MMBtu was selected as BACT for PM10.  This limit is for the 
filterable and condensable portion of PM10, and a description of the methodology used to arrive at this emission limit is 
included in Part 5.5. 
  
CO and VOC: Combustion controls are the only feasible method available to control CO and VOC emissions for a PC 
boiler.  Combustion controls were selected as BACT for CO and VOC as discussed in Parts 5.6 and 5.7, respectively. 
 
Sulfuric Acid Mist: Dry FGD used in conjunction with a baghouse were selected as BACT for sulfuric acid mist to 
control emissions to 0.005 lb/MMBtu.  The derivation of this rate is presented in Part 5.8. 
 
Mercury Control: Sorbent injection6 in conjunction with Dry FGD and a baghouse were selected as BACT for mercury 
to control emissions to 1.7 lb/trillion Btu.  The emission limit for mercury is based on uncontrolled mercury emissions of 
10 lb/trillion Btu and a control efficiency of 83 percent.  WPSC will achieve process optimization during the initial 
operation and conduct stack testing for mercury emissions to determine the mercury reduction that is achieved through 
the use of the sorbent injection, Dry FGD and fabric filter system.  WPSC requests that WDNR use the testing 
information to adjust increase the emissions limit, if necessary, to more accurate reflect actual reduction levels for 
mercury when the operation permit is issued.7  Part 5.9 describes the mercury BACT methodology. 


                                                 
6 The type and amount of sorbent injection has not yet been determined.  WPSC will perform an evaluation to determine the best technology 
available to achieve the required mercury emission reduction. 
7 Taken from condition similar to the WE Energies Elm Road Generating Station permit #03-RV-166. 


 
Beryllium Control: The greatest degree of particulate control is achieved through the use of baghouses (fabric filters). 
 Therefore, a baghouse capable of controlling emissions to 1.3 lb/trillion Btu was selected as BACT for beryllium as 







 


   


 


discussed in Part 5.10. 
 


5 . 1  T O P - D O W N  AN AL Y S I S  
BACT is defined under Wisconsin Environment Statutes 285.01(12) as: 
 
“An emission limitation for an air contaminant based on the maximum degree of reduction achievable as specified by 
the department on an individual case-by-case basis taking into account energy, economic, and environmental impacts 
and other costs related to the source.” 
 
The Draft 1990 New Source Review Workshop Manual describes the “top-down” BACT process as follows: 
 
“In brief, the top-down process provides that all available control technologies be ranked in descending order of control 
effectiveness.  The PSD applicant first examines the most stringent--or “top”--alternative.  That alternative is 
established as BACT unless the applicant demonstrates…that technical considerations, or energy, [secondary] 
environmental, or economic impacts justify a conclusion that the most stringent technology is not “achievable” in that 
case.  If the most stringent technology is eliminated in this fashion, then the next most stringent alternative is 
considered, and so on.” 
 
The 1990 Workshop Manual identifies the basic steps of a top-down BACT analysis as follows: 
Step 1 – Identify all control technologies 
Step 2 – Eliminate all technically infeasible control technologies 
Step 3 – Rank control technologies by control effectiveness 
Step 4 – Evaluate most effective controls and document results 
Step 5 – Select BACT 
 
The EPA has consistently interpreted the statutory and regulatory BACT definitions as containing two core 
requirements that EPA believes must be met by any BACT determination.  First, the BACT analysis must include 
consideration of the most stringent available technologies: i.e., those that provide the “maximum degree of emissions 
reduction.”  Second, any decisions to require a lesser degree of emissions reduction must be justified by an objective 
analysis of “energy, environmental, and economic impacts” contained in the record or the permit decisions (EPA, 1990). 
 
The minimum BACT emission rate must be at least as restrictive as the NSPS, if such standard applies.  As discussed 
in Part 4, the construction of the Weston Unit 4 boiler is subject to 40 CFR 60, Subpart Da, “Standards of Performance 
for Electric Steam Generation Units for which Construction Commenced after September 18, 1978.”  This NSPS 
requires 70 percent SO2 removal (30-day rolling average) since the SO2 emissions will be less than 0.6 lb/MMBtu.  The 
standard limits nitrogen oxide emission to 1.6 lb/MW-hr (approximately 0.15 lb/MMBtu) on a 30-day rolling average.  
Total particulate emissions are limited to 0.03 lbs/MMBtu. 
 
The BACT analysis evaluates control technologies for individual pollutants, but in the final analysis the control 
equipment has to be evaluated as an integrated air pollution control system.  The control technologies are 
interdependent, and reducing emissions for one pollutant may result in adverse impacts and higher emissions of 
another pollutant.  As one example, some technologies that reduce NOX emissions will unavoidably result in higher CO 
and VOC emissions due to reaction kinetics.  The best overall air pollution control system utilizes the mix of control 
technologies that yields the optimal overall performance and lowest overall emission levels. 
 
WPSC selected supercritical pulverized coal technology (SCPC) on western subbituminous coal as the optimal power 
production process for Weston Unit 4 based on technical, environmental, and economical considerations.  WPSC 
evaluated several other processes including subcritical pulverized coal combustion, integrated gasification combined 
cycle (IGCC) and fluidized bed combustion (FBC), but they were not ranked as highly as SCPC.  Appendix I provides 
an assessment of the generation needs for WPSC.  This assessment summarizes how the capacity needs were 
determined and how SCPC was selected as the method of electricity production over the other coal-fired power 
production processes. 
 


5 . 2  I D E N T I F I C AT I O N  O F  C O N T R O L  O P T I O N S  
Several sources were reviewed to determine the control technologies and emission limits that were consistent with 
BACT.  EPA’s RACT/BACT/LAER Clearinghouse (RBLC) database was the first reference queried.  Another source of 
information was EPA’s National Coal-Fired Utility Projects Spreadsheet.  Finally, a review of international projects was 
made to determine the control technologies and associated emission limits applied in other parts of the world. 
 
5.2.1 RBLC Database 
One of the best ways to identify available control technologies is to review previous BACT determinations for similar 







 


   


 


sources.  The RBLC database was reviewed to identify recent BACT determinations for similar projects.  This database 
is maintained on EPA’s Technology Transfer Network website on the Internet at www.epa.gov/ttn/catc.  Advanced 
queries of the database were conducted to identify control technology determinations previously made for sources 
similar to the Weston Unit 4 boiler.  These queries were conducted for RBLC permits issued from January 1990 to June 
2003. 
 
Facilities similar to Weston Unit 4 were identified from the RBLC query.  Although a specific boiler manufacturer has not 
been selected, WPSC has determined that the technology used will be pulverized coal-firing.  Therefore, only prior 
BACT determinations for PC boilers were included in the comparative analysis.  Table 5-3 provides a summary of the 
range of emission limitations identified in the RBLC as BACT for comparable boiler facilities for each pollutant, and the 
control technology associated with the BACT limits.  There are approximately 23 PC facilities identified in the RBLC that 
have been permitted since January 1990.  However, the list of cases involving determination of BACT for NOX 
emissions, as displayed in Table 5-3, has been truncated to include only BACT emission limits that would be compliant 
with the current NSPS.  (See Note A on Table 5-3) 
 
Table 5-3 lists the emission limits established as BACT in the previous cases included in the RBLC.  The emission rate 
for SO2 is highly dependent on the sulfur content of the coal fired.  Consequently, a corresponding range of removal 
efficiencies accompanies the range of BACT emission rates for SO2 identified in the table.  According to RBLC, 
approximately 75 percent of the most recent BACT determinations for controlling SO2 emissions when firing 
subbituminous coal include a Dry FGD control system using a lime spray dryer/baghouse combination. 
 
Baghouses and electrostatic precipitators have both been used to control particulate emissions from coal-fired boilers.  
The lowest emission rates listed in the RBLC database are associated with units that have installed baghouses.  The 
same baghouse technology has also been used to control beryllium, and was identified in the RBLC listings.  No 
technology other than “combustion control” has been identified as BACT for CO or VOC emissions from the RBLC 
query.  Mercury control information in the database is very limited, and is not representative of current regulatory 
requirements. 







 


   


 


Table 5-3 
RBLC BACT Determinations for Pulverized Coal-Fired Boilers 


Pollutant 
Emission Limit 


(lb/MMBtu) 
Control Technology Description Associated with BACT 
Emission Limit 


Number of 
Occurrences 


NOX
A 0.07 LNB/SCR 2 


 0.08B SCR and Good Combustion Practice 1 


 0.15 LNB/OFA and SCR 1 


 0.15-0.17 LNB and SCR 2 


 0.15-0.17 SCR 3 


 0.16 LNB with Flue Gas Recirculation 1 


 0.17 SCR or SNCR 1 


 0.17 LNB/OFA and SNCR 1 


SO2
 0.10 – 0.32 Lime Spray Dryer FGD (73 to 94% Removal) 21 


 0.10 – 0.34 Wet Limestone FGD (90 to 95% Removal) 4 


 0.17 – 0.20 Circulating Dry Scrubber (92 to 95% Removal) 2 


PM10 0.012-0.015 Baghouse 2 


0.018 Baghouse  13 


0.020 Electrostatic Precipitator (ESP) 1 


 0.023-0.25 Baghouse 2 


CO 0.1 – 0.11 Combustion Control 6 


 0.15 – 0.16 Combustion Control 11 


 0.2 Combustion Control 10 


VOC 0.0027 – 0.004 Combustion Control 9 


0.01 – 0.015 Combustion Control 13 


0.03-0.067 Combustion Control 5 


H2SO4 Mist 0.002 – 0.011 Spray Dryer Absorber, FGD System 7 


Hg 1.7·10-6 Activated Carbon, Spray Dryer Absorber, Baghouse 1 


 5.0·10-6 – 5.4·10-6 Spray Dryer Absorber, Baghouse 3 


 0.001 Spray Dryer Absorber, Baghouse 3 


 0.001 Wet FGD, ESP 1 


Be 1.10·10-7 Baghouse 1 


 1.56·10-6 – 6.8·10-5 Baghouse 2 


 0.001 Baghouse 3 


 0.001 ESP and FGD System 1 


Notes: 
A. BACT determinations listed for NOX are limited to those capable of meeting the revised NOX NSPS for boilers 
commencing construction after July 7, 1997. The NSPS emission limitation for NOX is 1.6 lbs/MWhr gross energy 
output, but the use of lbs/MMBtu as the units for BACT emission limits remains the norm. 
B. BACT emission limit for Hawthorn Unit 5 was selected as 0.08 lb/MMBtu (30-day average), with a limit of 0.12 
lb/MMBtu to apply during a 3 year evaluation period, if compliance with the lower limit cannot be demonstrated.  At 
present, Unit 5 has not successfully operated at the 0.08 lb/MMBtu emission limit. 







 


   


 


The range of removal efficiencies and emission limits identified in Table 5-3 as BACT for SO2 is fairly broad in cases 
utilizing Lime Spray Dryer FGD. It is instructive to examine these cases in more detail.  Table 5-4 provides additional 
information from the RBLC about the range of data for SO2 emission limits reported as BACT for PC-fired boilers when 
utilizing lime spray dryer FGD technology. 
 
Table 5-4 
RBLC BACT SO2 Emission Limit 


Emission Limit 
(lb/MMBtu) 


Number of 
Occurrences 


0.10 3 


0.12 1 


0.16 2 


0.17 7 


0.19 1 


0.20 1 


0.21 1 


0.22 2 


0.25 2 


0.32 1 


 
 
5.2.2 National Coal-Fired Utility Projects Spreadsheet 
In addition to reviewing RBLC for permitted units, the National Coal-Fired Utility Projects Spreadsheet was reviewed for 
current activity as reported by the ten EPA regions.  This research identified six listed PC fired facilities that either had a 
permit or a draft permit and that were not already included in the RBLC.  Table 5-5 lists the emission rate range and 
respective control technology for the significant pollutants at each of these facilities.  The emissions rates are based on 
emission rates stated in the permit.  Springerville emission limits for NOx, SO2, and PM10 were not included on Table 5-


5 since they were not based on BACT and are significantly higher than recent BACT determinations.  More detailed 
information on the eight PC fired facilities is included in the summary spreadsheet in Appendix D. 
 
The summary spreadsheet in Appendix D shows that four out of five pulverized coal units combusting western 
subbituminous coal will incorporate a Dry FGD system using a lime spray dryer/baghouse combination to control SO2 
emissions.  The summary spreadsheet also shows that all seven units will use SCR equipment to control NOX 
emissions. 







 


   


 


Table 5-5 
Permitted Rates for PC Boilers on National Coal-Fired Utilities Spreadsheet 


Pollutant 
Emission Limit 


(lbs/MMBtu) 
Control Technology Description Associated with 
Emission Limit 


Number of 
Occurrences 


NOX
 0.07 – 0.08 LNB/OFA and SCR 2 


 0.08 – 0.12 LNB and SCR 2 


 0.09 SCR 1 


SO2 0.12 Lime Spray Dryer FGD 2 


 0.15 – 0.167 Wet Limestone FGD 3 


PM10 0.015 – 0.018 Baghouse 2 


 0.015 Multiclone/Venturi Scrubber 1 


 0.018 – 0.020 Electrostatic Precipitator (ESP) 2 


CO 0.10 – 0.20 Combustion Controls 6 


VOC 0.003 – 0.0072 Combustion Controls 6 


H2SO4 Mist 0.0042 – 0.0046 Dry FGD, Wet FGD 2 


Hg 3.21 · 10-6 Electrostatic Precipitator, Wet FGD 1 


 6.9 · 10-6 Dry FGD, Baghouse 1 


Be 9.44 · 10-7 Baghouse 1 


 
 
5.2.3 International Projects 
Six major manufacturers were contacted for information regarding international projects for pulverized coal facilities that 
had been constructed in the last ten years or that currently are under construction or development.  A request was 
made for the associated control technologies and emission limits.  The information received varied in detail and 
usefulness, but this inquiry confirmed that the emission levels for control equipment in the international arena are not as 
stringent as those for the United States. This information also verified that international projects use the same types of 
control technologies as those used in the United States. 







 


   


 


5.3 COAL-FIRED SCPC BOILER: NITROGEN OXIDES 
5.3.1 Evaluation of Control Options 
NOX is primarily formed in combustion processes in two ways: 1) the combination of elemental nitrogen with oxygen in 
the combustion air within the high temperature environment of the burner (thermal NOX); and 2) the oxidation of 
nitrogen contained in the fuel (fuel NOX).  The low-sulfur western subbituminous coal being used for this project will 
generally contain less than one percent nitrogen.  Referring to AP-42, Section 1.1-3 in Bituminous and Subbituminous 
Coal Combustion (9/98 update): 
 
“Experimental measurements of thermal NOX formation have shown that the NOX concentration is exponentially 
dependent on temperature and is proportional to nitrogen concentration in the flame, the square root of oxygen 
concentration in the flame, and the gas residence time…  Typically, only 20 to 60 percent of the fuel nitrogen is 
converted to NOX.  Bituminous and subbituminous coals usually contain from 0.5 to 2 weight percent nitrogen, mainly 
present in aromatic ring structures.  Fuel nitrogen can account for up to 80 percent of total NOX from coal combustion.” 
 
As indicated from this excerpt, the rate of thermal NOX formation is a function of residence time and free oxygen and 
increases exponentially with peak flame temperature.  NOX control techniques are aimed at controlling one or more of 
these variables during combustion.  A staged combustion process using low-NOX burners and overfire air produces 
lower peak flame temperatures and lower NOx emissions. 


 
Other control methods rely upon add-on equipment to remove NOX from the exhaust gas stream after its formation.  
The most common post-combustion control technique injects ammonia or urea into the gas stream to reduce the NOX 
to molecular nitrogen and water.  These methods include selective catalytic reduction (SCR), selective non-catalytic 
reduction (SNCR), and rich reagent injection (RRI). 
 
The lowest NOX emission levels for a pulverized coal unit are achieved by SCR technology.  SCR is generally combined 
with combustion control methods to achieve the greatest overall reduction.  Since SCR provides the highest degree of 
NOx control and was selected as BACT, it was not necessary to examine SNCR and RRI. 
 
In the SCR process, the gas stream is passed through a catalyst bed in the presence of ammonia. Typically, the SCR 
catalyst is located between the economizer and air heater in order to assure the optimum temperature range for the 
chemical reduction.  Ammonia is injected upstream from the catalyst bed and reacts with NOx in the SCR to form 


nitrogen and water. 
 
The actual performance of an SCR system varies significantly depending on the volume of catalyst, SCR inlet NOX 
level, operating temperature, age of the catalyst, flue gas distribution and the ammonia injection rate.  A major design 
feature affecting removal efficiency is the volume of catalyst included in the SCR.  Catalyst deactivation is also an 
important consideration in SCR design.  Operationally, NOX removal may be enhanced by increasing ammonia feed 
rate; however, this can lead to high levels of ammonia slip, with undesirable environmental consequences. 
 
For SCR control, the difference between new and mature equipment performance is substantial.  SCR catalyst 
performance deteriorates over time due to normal deactivation and degradation of the catalyst surface.  SCR 
performance is much better with new catalyst than with catalyst that has been in service two or three years.  The SCR 
must be designed for projected catalyst activity levels that are available at the end of the planned catalyst service life.  
Eventually, the catalyst must be replaced to restore SCR performance.  The chemical composition of western 
subbituminous coal causes the deactivation to occur more rapidly than it does for bituminous coal.  Consequently, the 
expected catalyst life on a western subbituminous application is less certain than for a bituminous coal unit. 
 
In order to establish a basis for identifying a NOX emission rate for Weston Unit 4, suppliers and vendors were 
contacted, seeking those long-term removal levels that catalyst manufacturers would guarantee.  Publicly advertised 
guarantee levels as low as 0.03 to 0.07 lb/MMBtu exist for some projects.  These are equipment guarantee levels and 
not permitted limits.  Control equipment must be capable of achieving emission levels that are less than the permit limit 
to provide margin for system startup, shutdown, and malfunctions, which result in higher emissions.  This capability 
allows for over control of emissions if needed to achieve average emissions over a period of time (e.g. 30-day rolling 
average) that are less than the permit limit. 
 
When using equipment guarantees to evaluate BACT for a facility, it is critical to consider the specific restrictions 
associated with the guarantees offered.  Generally, equipment guarantees are based only on one or two short-term 
tests that are conducted soon following the initial unit start-up. At start-up, the equipment is new and “tuned” and will 
likely achieve a level of performance that is substantially higher than that which can be sustained throughout the life of 
the plant. 







 


   


 


 
Most of the recent SCR projects are for retrofits to boilers firing bituminous coal.  This equipment is being installed in 
response to the NOX SIP Call.  Consequently, operation of the SCR is required only during the ozone season, and will 
not be required to achieve these low emission rates throughout the year.  This will reduce catalyst deactivation rates 
and catalyst degradation that a baseloaded unit would experience when operating an SCR year-round.  The 
abbreviated operating schedule also allows preventive maintenance of the units which is not possible on units utilizing 
SCRs on a continuous year-round basis.  Compliance with the NOX SIP Call for these units will be judged on a system-
wide allowance allocation for the ozone season based on a nominal system emission rate of 0.15 lb/MMBtu rather than 
on an individual unit basis. 
 
Recent BACT determinations support the establishment of a NOX emission limit of 0.07 or 0.08 lb/MMBtu (30 day 
rolling average) as BACT.  This limit is consistent with recently permitted NOX levels for pulverized coal units but is not 
backed by long term operating history.  It is anticipated that performance at this level can be maintained continuously, 
based on the performance guarantees available from SCR equipment suppliers and taking steps to properly design the 
SCR system.  The NOX emission limit of 0.07 lb/MMBtu (30-day average) is more than 50 percent below the NSPS 
emission limit.  
 
There is very limited operating history at a very small number of units with SCR equipment on pulverized coal boilers 
firing western subbituminous coal.  Kansas City Power & Light’s Hawthorn Unit 5 burns western subbituminous coal and 
is equipped with SCR equipment.  The unit has not met its 0.08 lb/MMBtu8 NOX emission limit on a consistent, long-
term basis.  The air permit for Unit 5 (issued in 2000) allows NOx emissions up to 0.12 lb/MMBtu during a 36-month 


performance evaluation period following startup.  The NOX emission rate can be amended to a higher emission level if it 
is found that the 0.08 lb/MMBtu level cannot be consistently achieved. 


                                                 
8 30-day average 


 
A similar concern was cited by Sand Sage Power when the permit application for Holcomb Unit 2 was submitted.  This 
unit was permitted to burn western subbituminous coal in a pulverized coal boiler equipped with SCR to control NOX 
emissions to 0.08 lb/MMBtu (30-day average).  Kansas Department of Health and Environment (KDHE) and EPA 
Region VII both agreed that a technology demonstration period was required for this unit as well, since SCR has not 
been demonstrated to perform consistently to such low NOX emission levels in a similar installation.  The Sand Sage 
PSD permit, issued by KDHE in October of 2002, incorporated the similar provisional language contained in the 
Hawthorn PSD permit for an SCR demonstration period. 







 


   


 


However, two recently issued permits have included a lower emission limitation than these two units.  Wygen Unit II, a 
500 MW PC unit, was permitted in June 2002 with an emission rate of 0.07 lb/MMBtu for NOX on a 30-day rolling 
average.  The MidAmerican Energy Council Bluffs Unit 4, issued in June 2003 also has an emission rate of 0.07 
lb/MMBtu on a 30-day rolling average excluding periods of startup, shutdown, and malfunction.  While neither of these 
plants has begun operation, it is unknown whether this aggressive emission rate can be achieved.  However, vendors 
have indicated that the low emission rates are achievable on a long-term basis (i.e., for multiple years) and WDNR 
agrees with this assessment.  After a thorough investigation of vendors, controls and technologies, WPSC agrees that 
they will take proper steps to design a SCR system attempts to achieve an emission rate of 0.07 lb/MMBtu on a 30-day 
rolling average.  This emission rate will not include periods of startup, shutdown or emergency conditions including 
malfunctions.  The 30-day rolling average for NOX emissions compliance is consistent with the NSPS.  To 
accommodate the startup and shutdown emissions, WPSC proposes to meet an emission limit of 0.07 lb/MMBtu on a 
12-month rolling average.9  This emission limitation is consistent with the recently issued PSD permit for the WE 
Energies Elm Road Generating Station. 


                                                 
9 Malfunction conditions are excluded from both the 30-day and annual averaging periods, which is consistent with the NSPS. 


 
Table 5-6 provides a summary of the top-down BACT analysis for NOX emissions.  It provides information on the 
emissions level as well as economic and environmental impacts of varying levels of NOX control. 
 


5.3.2 ENVIRONMENTAL CONSIDERATIONS 
Although there are no prohibitive environmental issues that would preclude the use of an SCR system, there are some 
areas of concern.  Ammonia emissions from the stack will result due to slip through the SCR system.  The ammonia 
slip from the SCR should be low (3 ppm), and some removal of ammonia can be expected downstream in the FGD 
system.  Ammonia emissions at this rate should not be a major concern. 
 
Issues associated with SCR equipment consumables (i.e. ammonia, catalyst) have to be addressed.  There are major 
considerations for the storage and use of large quantities of ammonia on the plant site.  Ammonia is one of the 
regulated substances covered by Section 112 (r) of the Clean Air Act, which deals with the prevention and detection of 
accidental releases of hazardous chemicals.  This legislation is implemented through 40 CFR 68 – Chemical Accident 
Prevention Provisions and requires that a Risk Management Plan be established and followed.  Special consideration is 
also given to the transportation and storage of ammonia, as ammonia will likely need to be shipped through 
metropolitan areas prior to being unloaded at the site 
 


5.3.3 ENERGY CONSIDERATIONS 
Excessive energy use does not preclude SCR as a method of NOX control for Weston Unit 4.  The major area of energy 
consumption associated with an SCR is fan power required to overcome the flue gas pressure loss across the SCR 
system.  For the Weston Unit 4 boiler, SCR will require approximately 2 MW or about 0.5 percent of the unit’s gross 
generation.  Although this is a noticeable impact on unit generation and not desired, it is not sufficient reason to reject 
SCR. 
 


5.3.4 ECONOMIC CONSIDERATIONS 
The cost of installing, operating and maintaining an SCR system varies depending upon the emission limit to be 
achieved.  Achieving lower emission levels requires larger SCR equipment, more catalyst, and higher ammonia 
injection rates, which increases SCR capital costs.  Operation and maintenance costs will also be higher due to higher 
levels of ammonia consumption and larger volumes of catalyst that require periodic replacement.  An evaluation was 
performed to determine the cost impact of installing an SCR system with differing levels of emission control.  The 
results of this evaluation are summarized on Table 5-6. 
 
Table 5-6 assumes 0.15 lb NOX/MMBtu as the uncontrolled baseline, which is consistent with the NOX emission limit for 
boilers covered by 40 CFR Part 60, Subpart Da.  Table 5-6 displays the calculated average control costs for a range of 
SCR reduction efficiencies. 
 


5.3.5 NOX BACT DETERMINATION 
A system using combustion controls and SCR designed to limit emissions to 0.07 lb/MMBtu is recommended as BACT 
for NOX for Weston Unit 4.  No other control technology is available that would consistently result in lower emissions.  
However, no new pulverized coal units that burn western subbituminous coal have been able to achieve a 0.07 
lb/MMBtu NOx emission rate on a continuous basis.  The overall average control cost to achieve an emission rate of 


0.07 lb/MMBtu (30-day average) is $6,116 per ton (beyond NSPS level), which is $9.4 million on an annual basis.







 


   


 


TABLE 5-6 


Summary of Top-Down BACT Analysis for NOX Emissions for Weston Unit 4 


OX Control Method 
(Ranked by NOX 


Rate) 


NOX Reduction 
Efficiency  %b 


Emissions Economic Impacts Environmental Impacts 


Emission 
Ratee 


Lb/MMBtu 


Hourly 
Emission 


Rate Lb/Hr 


Annual 
Emission 


Rate   
Tons/Yra 


Emission 
Reduction 
Tons/Yrf 


Installed 
Capital Cost 


 $1,000 


Annual O&M 
Cost $1,000 


Total Annual 
Cost 


$1,000/yr 


Average 
Control Cost 


  $/tonf 


Incremental 
Control Cost  


    $/ton 
Toxic Impact 


Adverse 
Environmental 


Impact  


CR/Comb. 
ontrols 


53.3 0.07 362 1,348 1,541 27,426 6,542 9,423 6,116 5,315 None Mediumc,d 


CR/Comb. 
ontrols 


46.7 0.08 414 1,541 1,348 25,378 5,734 8,400 6,231 4,585 None Mediumc,d 


CR/Comb. 
ontrols 


33.3 0.10 517 1,926 963 21,770 4,347 6,634 6,889 3,674 None Mediumc,d 


CR/Comb. 
ontrols 


20 0.12 621 2,311 578 18,771 3,247 5,219 9,032  None Mediumc,d 


aseline  (NSPS 
mit) 


 0.15 776 2,889         


Notes: a. Annual emissions are based on capacity factor of 85% 
  b. NOX reduction efficiency compared to the baseline emissions. 
  c. Special handling and storage requirements for ammonia.   
  d. Lower NOX emissions result in higher CO and VOC emissions.  
  e. Emission rate reflects a 30-day rolling average. 
  f. Emission reduction and control cost beyond NSPS level. 
 
Life, years   30 
Cost of Money, %  5 
Capital Recovery Factor  0.06505 
Taxes, Insurance  0.04 
O&M Levelization Factor 1.46866 
 







 


   


 


Addiitonal information on the Top Down BACT for NOx:- 


NITROGEN OXIDES 


 
There should be very little difference between the performance of a well designed SCR system handling flue gas 
from a pulverized coal (PC) boiler burning PRB coal and one burning bituminous coal.  The most significant factor 
is the difference in the chemical composition of the fly ash and its potential effect on the SCR catalyst.  In comparing 
PC boilers with cyclone-fired boilers, the PC boiler generates approximately four times as much fly ash.  A cyclone-
fired boiler generates higher flue gas temperatures than does a PC fired boiler, and consequently, the ash produced in 
a cyclone-fired boiler may have reduced reactivity.  WPSC expects that a well-designed SCR can achieve a 30-day 
average NOx emission rate of 0.08 lb/mmBtu on a unit burning PRB coal.   
 
KCP&L’s Hawthorn Unit 5 is a subcritical pulverized coal-fired unit.  The boiler was manufactured by Babcock and 
Wilcox (B&W).  The United States Department of Energy website contains information (in FERC Form 423) on the 
coal combusted in electric utility boilers.10  For the Hawthorn Unit 5 boiler, the database indicates that the coal 
comes from Wyoming.  The specific mine is not indicated in the FERC forms.  The maximum sulfur content of the 
fuel fired at KCP&L’s Hawthorn Unit 5 is limited to 1.60 lb/MMBtu by Special Condition 11 of their PSD 
construction permit.  The permit does not list a specific percent by weight of sulfur in the coal. 
 
B&W provided the SCR equipment while Hitachi provided the SCR catalyst.  However, WPSC is not certain what is 
meant by “fluctuations.”  Based on the data contained in the federal acid rain database, NOX emissions at the 
Hawthorn facility appear to be fairly consistent in the 0.10 to 0.12 lb/MMBtu range.   
 
WPSC expects that a well-designed SCR can achieve a 30-day average NOx emission rate of 0.08 lb/mmBtu on a 
unit burning PRB coal.  However the actual measured NOx emission rates found at Hawthorn is an issue of concern 
for continuous NOx compliance at Weston Unit 4.  In addition, another new PC unit burning PRB coal that recently 
began operations is showing similar NOx emission rates.  In the short time the Wygen unit has operated, it is also 
measuring NOx emission rates in the 0.10 to 0.12 lb/mmBtu range.  Like Hawthorn it is a B&W SCR with a Hitachi 
catalyst. 
 
On December 9, 2003, WPSC, Black & Vetch, Burns & McDonnell and B&W representatives met via conference 
call to discuss the current status of the NOx emissions, primarily at Hawthorn.  Because of the inability of the 
Hawthorn unit to meet the 0.08 lb/mmBtu limit and the potentially sensitive contractual aspects of all the parties 
involved at the unit, it was difficult to ascertain any definitive reasons for the observed NOx emission rates.  There is 
limited information that can flow freely.  Also because of the short operating time and similar contractual issues, 
there is little information on the Wygen situation.   What we were able to discern from our conversation is the 
following: 
 


 Hawthorn is the longest operating SCR system with PRB coal on a PC unit. 
 The SCR system / catalyst is apparently not working correctly. 
 The vendor does not believe it is a combustion issue. 
 Both NOx emissions and ammonia slip must be correlated in order to properly operate an SCR system.  


They are attempting to operate the SCR properly. 
 The quantity of the catalyst was evaluated.  However, with the rate of catalyst deterioration present at 


Hawthorn, at least three times the catalyst is needed to perhaps address the problem. 
 Pitch was not determined to be the issue. 
 They did address flow distribution through the catalyst.  A “fix” was installed and it was determined that 


flow distribution was not an issue.  Evaluation of the emission curves after-the-fact showed no change in 
SCR performance. 


 Current speculation is that the fuel is the root cause of the SCR deterioration.  However, there is not enough 
operating experience with PRB coals on SCR equipped PC boilers to thoroughly evaluate the problem(s).  
The speculation is that the problem may be with the calcium oxide associated with PRB coal.  When it is 
burned in a PC boiler, calcium sulfate is produced and it masks or poisons the catalyst. 


                                                 
10 http://www.eia.doe.gov/cneaf/electricity/page/data.html 







 


   


 


 In addition to not meeting the NOx emission limit of 0.08 lb/mmBtu, the unit also cannot meet the 
guaranteed ammonia slip levels on a regular basis.  An initial ammonia slip testing for the unit performed at 
6 months of operating time showed they met the end of life slip guarantee, 2 ppm at 0.08 lb NOx/mmBtu.  
Currently, the SCR cannot meet the guaranteed ammonia slip levels while operating at 0.10 to 0.12 
lb/mmBtu.  The most recent test data that was qualitatively shared from July 2003 showed the ammonia slip 
was “substantially over 10 ppm” at a NOx emission rate of 0.08 lb/mmBtu. 


 
Two units at the J A Miller Plant in Alabama began operating new SCRs on PRB fired PC boilers in May 2003.  For 
the 2003 ozone season, these two units maintained NOx emission rate below 0.08 lb/mmBtu.  It is not certain if this 
will remain the case over time, however.  It appears that care in SCR design is a key factor in achieving a properly 
function SCR.  As WPSC understands the situation, the SCR design at Miller involved flow modeling, catalyst 
configuration review, specific soot blower design, and pitch selection, among other things.  This led to a tight design 
specification.  From what we could gather second hand, the Hawthorn SCR did not have a similar tight design 
specification.  


 
In summary, WPSC expects that carefully attention to the SCR design can result is continuous compliance with a 
0.08 lb/mmBtu NOx 30-day average limit.  However, at this time, there are no similar operational units 
demonstrating that they can achieve the proposed NOX limit of 0.08 lb/MMBtu.  The fact that two new units are 
emitting at 0.10 to 0.12 lb NOx / mmBtu range, warrants an approach found in the Hawthorn permit that provides an 
“evaluation period” or “optimization study” in case the Hawthorn and Wygen experiences prove to be the case and 
not the exception. 


 


(iii) Recent NOX BACT Determinations 
For Similar Units 


Company 
NOX Limit 
lb/MMBtu 


Control Technology Fuel Type 
Boiler 
Type 


MidAmerican 0.07 SCR+ACI+DFGD+FF PRB SCPC 


RoundUp 0.07 SCR+DFGD+FF PRB PC 


WPSC Weston 4 0.08 SCR+DFGD+FF PRB SCPC 


Hawthorn 0.08 SCR+DFGD+FF PRB PC 


Great Plains 0.08 SCR+DFGD+FF PRB PC 


Plum Point 0.09 SCR+DFGD+FF PRB \ Blend PC 


Two Elks 0.09 SCR+DFGD+FF PRB PC 


Rocky Mountain 0.09 MULTI+SCR+WFGD Sub-Bituminous PC 


Sand Sage  0.12 SCR+DFGD+FF Sub-Bituminous PC 


Springerville 3&4 0.17 SCR+DFGD+FF Sub-Bituminous PC 


Black Hills Wygen 0.22 / 0.17 No NOX Controls + DFGD+ESP PRB PC 


 
Based on the data above, there are currently no operating facilities with PC boilers and PRB coal that are achieving a 
NOX emission limit lower than the proposed limit for Weston 4.  One facility, Hawthorn, has the same limit, 0.08 
lb/MMBtu, and cannot demonstrate compliance with the established limit.  Six other facilities with similar fuel and 
control types have recently established NOX limits above the limit proposed for Weston 4.  The two facilities that 
have NOX limits lower than the limit proposed for Weston 4 are not yet operational.  Based on this, WPSC believes 
that the 0.08 lb/MMBtu limit proposed is an appropriate BACT limit for this SCPC unit firing PRB coal. 
 
Please refer to the graph of the Hawthorn second quarter 2003 NOX CEM data.  This graph shows that Hawthorn is 
operating at levels above the 0.08 lb/MMBtu NOX limit 91 percent of the time.  Further evaluate of the CEM data 
reveals that some of the lower emission data corresponds to a shutdown (about 5 percent).  CEM data in the range 
demonstrating compliance with the 0.08 lb/MMBtu NOX emission limit is only found for 4 percent of the time when 







 


   


 


not associated with the startup or shutdown of the unit.   Based on the CEM data, Hawthorn experienced a 
significant period of noncompliance during the second quarter of 2003 based on this CEM data. 
 
The Hawthorn permit contains special NOX conditions for the first 36 months of operation.  At this point they are 
still within that period.  The special NOX conditions allow for NOX emissions up to 0.12 lb/MMBtu on a 30-day 
rolling average.  The NOX emission rate can be amended to a higher emission level if it is found that the 
0.08 lb/MMBtu level cannot be consistently achieved.  The facility still has time left in their “evaluation period” to 
investigate and address the problems that are apparent in their CEM data.   
 
Based on the second quarter 2003 NOX CEM data, it appears that Hawthorn may be operating in compliance with 
the special NOX emission limit of 0.12 lb/MMBtu for about 93 percent of the time.   
 
These two facilities are not yet operating, and as such, have no reason to request a change to their limits at this time. 
 The RoundUp permit does allow up to 0.10 lb/MMBtu on a one-hour basis.  The Council Bluff permit includes an 
optimization study for NOX, SO2 and mercury over a period of approximately nine months or so after initial 
operation.  As stated in WPSC’s original September 12, 2003 application submittal, WPSC is proposing a similar 
approach with an “evaluation period” or “optimization study” feature: 
 
“Recent BACT determinations support the establishment of a NOX emission limit of 0.08 lb/MMBtu (30 day rolling 
average) as BACT.  This limit is consistent with recently permitted NOX levels for pulverized coal units but is not 
backed by long term operating history.  It is anticipated that performance at this level can be maintained 
continuously, based on the performance guarantees available from SCR equipment suppliers.  Available operating 
data also supports this expectation, although they are based in large part on pulverized coal units burning high sulfur 
bituminous coals.  The NOX emission limit of 0.08 lb/MMBtu (30-day average) is approximately 50 percent below 
the NSPS emission limit.”







 


   


 


 
5.4 COAL-FIRED SCPC BOILER: SULFUR DIOXIDE 
5.4.1 Introduction 
Referring to AP-42, Section 1.1-3 in Bituminous and Subbituminous Coal Combustion (9/98 update): 
 
“Gaseous SOX from coal combustion are primarily sulfur dioxide (SO2), with a much lower quantity of sulfur trioxide 
(SO3) and gaseous sulfates.  These compounds form as the organic and pyritic sulfur in the coal are oxidized during the 
combustion process.” 
 
Several technologies are available to control SO2 emissions from Weston Unit 4.  Wet flue gas desulfurization (Wet 
FGD) and Dry FGD are the most commonly applied technologies.  Wet FGD has the potential to achieve the lowest 
emissions among the available technologies, but the performance difference versus Dry FGD is slight, and results can 
vary significantly with individual unit design and type of fuel. 
 
Several sources were considered in determining the potential Wet FGD control level for the BACT evaluation.  While 
Wet FGD is an established technology, it is normally applied to high sulfur coal applications.  The historical level of 
performance guarantees offered by equipment suppliers is an important consideration.  In recent years, Wet FGD 
suppliers have provided performance removal guarantees in the mid-nineties (expressed as percentage removal) for 
low-sulfur coal applications and the mid- to upper-nineties for higher sulfur applications. It should be noted that there is 
an inherent difference between the short-term basis of an equipment supplier’s guarantee and the “life of plant” 30-day 
average basis for a BACT emission limit in a PSD permit.  The coal for Weston Unit 4 will have a low sulfur content (i.e. 
normally less than 0.50 percent sulfur, which is the maximum design sulfur content).  An emission rate of 0.10 
lb/MMBtu was established as the “top” level of SO2 control for this BACT evaluation.  This level is the lowest of any 
previously permitted Wet FGD performance level. 
 
Dry FGD is also an established technology with performance that approaches that for Wet FGD.  Previously guaranteed 
performance by equipment suppliers is a good indicator of expected performance levels.  Performance guarantees for 
recently installed Dry FGD systems have ranged from 90 to 94 percent removal, depending upon boiler design and coal 
composition.  An SO2 emission limit of 0.10 lb/MMBtu (30-day average) has been identified as the highest level of 
control that should be evaluated for Dry FGD.  This corresponds to a removal efficiency of 90.9 percent based on a coal 
sulfur content of 0.50 percent. The averaging time for any BACT emission rate for sulfur dioxide is assumed to be a 
thirty-day rolling average excluding start-up, shutdown and malfunctions. 
 
5.4.2 Evaluation of Control Options: Wet Flue Gas Desulfurization 
Wet FGD is a mature technology that is available from a number of suppliers.  In a Wet FGD system, the flue gas 
passes through a recirculating alkaline slurry that collects the SO2.  Most Wet FGDs use limestone or lime as the alkali 
source. 
 


EXHIBIT A5.4.2.1 ENVIRONMENTAL CONSIDERATIONS 
A Wet FGD system produces a waste product that requires disposal.  Historically, landfills or ponds have been used to 
dispose of Wet FGD wastes.  Most new Wet FGDs, however, utilize the limestone forced oxidation process (LSFO).  
The waste product from the LSFO process is gypsum, which can potentially be sold as a byproduct.  Gypsum could be 
used for wallboard production, cement fillers or as an agricultural soil amendment.  However, the market potential for 
selling gypsum byproduct in Wausau, Wisconsin is limited.  Consequently, it is anticipated that the gypsum byproduct 
would be landfilled. 
 
A Wet FGD system is less effective in controlling total particulates, PM10, fine particulates, and HAPs than a Dry FGD.  
Industry operating experience has led to the conclusion that PM10 and fine particulate matter (PM2.5) emissions are 
higher with a Wet FGD system than with a Dry FGD system.  This assertion is made from two arguments.  First, the 
particulate control device in a Wet FGD system is located upstream of the scrubber module.  By injecting material back 
into the flue gas (in order to control SO2), the particulate emissions out of the stack increase slightly.  In a Dry FGD 
system, the particulate device (i.e., fabric filter) is immediately downstream from the scrubber modules.  This means 
that there is no opportunity to re-inject material into the gas stream prior to the flue gases exiting the stack.  Second, 
the Wet FGD system will create more sulfuric acid mist than a Dry FGD system will.  Sulfuric acid mist emissions can 
react with ammonia present in the gas stream due to the operation of the SCR, to create PM2.5 in the form of 
ammonium sulfates [(NH4)2SO4].  These emissions can increase the PM10 and PM2.5 emission rate from a coal-fired 
unit controlled by a Wet FGD.  Additionally, carryover from the Wet FGD absorber’s mist eliminator may contribute to 
increased fine particulate emissions.  Together, these two issues would be undesirable in light of EPA’s new ambient 
PM2.5 regulations. 
 







 


   


 


The appearance of a wet chimney plume is an additional consideration.  A Wet FGD system always has a visible 
moisture plume.  During warm, dry weather the plume would dissipate within a few hundred yards of the chimney 
discharge.  During cooler weather or humid conditions, the vapor plume does not readily dissipate and may persist for a 
mile or more downwind.  In addition to the obvious aesthetic impact, such a plume severely complicates monitoring 
technology.  For example, opacity monitoring is impossible in a wet stack, due to continuous moisture saturation.  
Therefore, opacity measurements must be taken at less desirable and less representative alternate locations. 
 
Typically, the maximum ground level concentrations for pollutants except SO2 will be 5 to 10 percent higher with a Wet 
FGD system compared to a Dry FGD system.  The higher ground level concentrations result because a Wet FGD 
system has lower stack exit temperatures and velocities. 
 
Sulfuric acid mist emissions are higher with a Wet FGD system compared to a Dry FGD.  A Wet FGD system can be 
expected to reduce sulfuric acid mist emissions approximately 50 percent while a Dry FGD should achieve 90 percent 
control.    In the paper entitled, “Estimating Total Sulfuric Acid Emissions form Coal-Fired Power Plants,”11 researchers 
with Southern Company indicated in Table 4, “Technology Impact Factors for Control Devices” that a wet scrubbing 
system has an impact factor of 0.50 while a dry scrubber has as impact factor of 0.10.  This represents a factor of 50 
difference between the two technologies.  As such, WPSC asserts that the sulfuric acid mist emissions from a Wet FGD 
are higher than they are for a Dry FGD system. 
 
The total emissions of other pollutants (NOx, PM10, CO, VOC, etc.) from the facility will be higher with Wet FGD than 


with Dry FGD.  This is because Wet FGD consumes more energy than Dry FGD and consequently, the gross rating of 
the unit must be higher to achieve the same net output.  For Weston Unit 4, installing Wet FGD instead of Dry FGD 
increases the emissions of other pollutants (NOx, CO, PM10, VOC) approximately 56 tons per year.  There will be 


corresponding environmental benefit as the SO2 emission rate being examined for this application is the same for 
either a Wet FGD or Dry FGD technology. 
 


EXHIBIT B5.4.2.2 ENERGY CONSIDERATIONS 
A Wet FGD system requires a significant amount of electric energy for operation.  Power is required to operate pumps 
to recirculate the slurry to the absorber, limestone grinding, waste dewatering, and for fan capacity to overcome the 
FGD system pressure loss.  For Weston Unit 4, the power consumption of a Wet FGD is estimated to be 10 MW.  This 
is approximately 2 percent of the Weston Unit 4 generation capability.  This level of energy consumption is significant 
and is considered in the BACT determination as an operating cost in the economic evaluation. 
 


EXHIBIT C5.4.2.3 ECONOMIC CONSIDERATIONS 
An economic evaluation was performed to evaluate the impact of installing a Wet FGD.  The results of this evaluation 
are summarized in Table 5-7.  Also shown in the table are the economics for the next control technology option (Dry 
FGD at the same emission rate, a 0.10 lb/MMBtu12 emission level).  The costs of installing a Wet FGD exceed the cost 
of a Dry FGD by approximately $17 million with minimal environmental benefits. These high costs, combined with other 
factors, are sufficient reason to reject Wet FGD as BACT. 


                                                 
11 September 1998 


12 30-day average 


 
EXHIBIT D5.4.2.4 WET FGD BACT DETERMINATION 


Wet FGD to control SO2 emissions was rejected as BACT for Weston Unit 4.  The primary reasons Wet FGD has been 
rejected as BACT are: 
 Energy consumption is very high resulting in more fuel combusted; 
 Higher emissions of other criteria pollutants; 
 Emissions of fine particulates are higher; 
 HAP emissions are higher; 
 Maximum ground level concentrations of all pollutants, except SO2, are typically higher; 
 There will always be a substantial vapor plume; 
 Sulfuric acid mist emissions are higher; 
 The incremental cost of installing a wet system to control SO2 emissions is extremely high; and 
 Greater water usage. 
 


EXHIBIT E5.4.3 EVALUATION OF CONTROL OPTIONS: DRY FLUE GAS DESULFURIZATION 
In a Dry FGD, flue gas contacts alkaline slurry to remove SO2 using essentially the same primary chemical reactions as 
a Wet FGD.  However, the quantity of water introduced to the flue gas in a Dry FGD is limited so that the flue gas does 







 


   


 


not reach saturation temperature.  The Dry FGD product and fly ash is then collected in the particulate control 
equipment (usually a baghouse) located downstream of the FGD system along with the fly ash.  Dry FGD is a well-
established technology that is commercially available from numerous vendors. 
 


EXHIBIT F5.4.3.1 ENVIRONMENTAL CONSIDERATIONS 
There are environmental advantages and disadvantages associated with a Dry FGD system.  The most salient 
advantage of dry technology is superior performance in controlling fine particulate and sulfuric acid mist emissions 
relative to Wet FGD.  Improved particulate control accrues from the relative positioning of the FGD and baghouse.  With 
Wet FGD, the particulate control equipment must be located upstream of the wet SO2 absorber, and liquid carryover 
from the FGD mist eliminators contributes to fine particulate emissions.  In a dry system, the highly efficient baghouse 
is downstream from the FGD.  As the final control device in the entire system, the baghouse prevents any solids re-
entrainment and carryover into stack emissions.  A Dry FGD system can be expected to provide 90 percent control of 
sulfuric acid mist.  A Wet FGD system will typically only provide 50 percent control.   
 
According to a U.S. DOE study, metallic HAP emissions will be lower for a Dry FGD system than for a Wet FGD 
system, taking into account the associated particulate control devices for each system.13  Most HAPs are trace 
constituents of particulate matter and some HAPs are semi-volatile.  A Dry FGD followed by a baghouse (operating at 
lower temperature than if installed upstream of the FGD system) provides greater control and removal of metallic HAPs 
than a comparable Wet FGD system would. 
 
Dry FGD has an additional environmental advantage in that the stack gas conditions are maintained above the moisture 
dew point.  Consequently, the vapor plume from Dry FGD will be significantly less pronounced than for Wet FGD.  This 
not only leads to an aesthetic benefit, but also reduces the potential for sporadic acid rainout episodes in the immediate 
plant area. 
 
An environmental disadvantage of a Dry FGD/baghouse system stems from the co-collection of FGD waste and fly ash. 
 Uncontaminated fly ash can frequently be recycled as a useful product if certain quality criteria are met.  Fly ash 
contaminated with FGD wastes diminishes the recycling potential of this material, and increases the likelihood that both 
products would require landfill disposal. 
 


EXHIBIT G5.4.3.2 ENERGY CONSIDERATIONS 
Energy is used by a Dry FGD for pumping, atomization of the slurry, and for fans to overcome the gas pressure loss 
across the control system.  The total energy consumption for a Dry FGD is considerably lower than for a Wet FGD 
system.  The energy consumption for the Weston Unit 4 Dry FGD is estimated to be approximately 40 percent of that 
for a wet system.  This corresponds to a substantial saving in auxiliary power consumption of approximately 6 MW. 
 


EXHIBIT H5.4.3.3 ECONOMIC CONSIDERATIONS 
An economic evaluation was performed to evaluate the impact of installing a Dry FGD.  The results of this evaluation 
are summarized in Table 5-7.  The cost of installing a Wet FGD exceeds the cost of a Dry FGD by approximately $17 
million. 
 
5.4.3.4 Dry FGD BACT DETERMINATION 
Wet FGD will not provide lower SO2 emissions from Weston Unit 4, and significant environmental, economical, 
technical, and energy considerations argue for the selection of Dry FGD with an emission rate of 0.10 lb/MMBtu on a 
30-day rolling average as BACT for Weston Unit 4.  Specifically, a Dry FGD followed by a baghouse provides the 
greatest level of control available for PM10, fine particulates, sulfuric acid mist, and HAPs.  Ground level concentrations 
for all pollutants will likely be lower with a Dry FGD compared to a Wet FGD.  Also, the vapor plume from a Dry FGD will 
be significantly less pronounced than with a Wet FGD. 
 
The cost of installing and operating a Wet FGD is significantly more than the cost of a Dry FGD.  Annual costs for the 
wet system exceed the cost for Dry FGD by $1.4 million. 
 


                                                 
13 “A Comprehensive Assessment of Toxic Emissions from Coal-Fire Power Plants – Phase 1 Results”, Prepared for Pittsburgh Energy 
Technology Center, U.S. DOE, September 1996. 







 


   


 


 
TABLE 5-7 


Summary of Top-Down BACT Analysis for SO2 Emissions for Weston Unit 4 


SO2 Control Method 
(Ranked by SO2 Rate) 


SO2 
Reduction 


Efficiency  %b 


Emissions Economic Impacts Environmental Impacts 


Emission 
Rate 


Lb/MMBtud 


Hourly 
Emission 


Rate  Lb/Hr 


Annual 
Emission 


Rate   
Tons/Yra 


Emission 
Reduction 
Tons/Yrf 


Installed 
Capital Cost 


 $1,000 


Annual O&M 
Cost $1,000 


Total Annual 
Cost 


$1,000/yr 


Average 
Control Cost 


  $/tonf 


Incremental 
Control Cost 


$/ton 
Toxic Impact 


Adverse 
Environmental 


Impact  


Wet FGD 83.3 0.10 517 1,926 9,630 72,216 11,554 19,130 1,987 na None Mediumc 


ry FGD 83.3 0.10 517 1,926 9,630 55,199 11,916 17,715 1,840  None Lowe 


aseline (NSPS level)  0.60 3,104 11,556         


Notes: a. Annual emissions are based on capacity factor of 85% 
 b. SO2 reduction efficiency compared to the baseline emissions. 
 c. Results in higher criteria pollutants, HAP, sulfuric acid mist emissions, more visible vapor plume 
 d. Emission rate reflects a 30-day rolling average. 
 e. Fly ash most likely cannot be recycled. 
 f. Emission reduction and control cost beyond NSPS level. 
 
Life, years   30 
Cost of Money, %  5 
Capital Recovery Factor  0.06505 
Taxes, Insurance  0.04 
O&M Levelization Factor  1.46866 







 


 


Additional information on the BACT analysis for SO2 for the SCPC Boielr submitted (November,  2003) 
 
The BACT analysis that was provided with the PSD application examined two types of control devices: Wet Flue Gas 
Desulfurization (FGD) and Dry FGD.  After the meeting between WDNR and WPS on November 4, 2003, WPS 
agreed to submit further information concerning Wet FGD and Dry FGD technology. 
 
Wet FGD technology has not normally been applied to new PRB fired units.  Wet FGD vendors, contacted in the past, 
have been reluctant to bid on these projects as they are aware that Wet FGD will not be installed.  Wet FGD has been 
installed on retrofit projects where an existing unit has needed to add SO2 pollution controls.  In these cases, the 
boiler and many times the particulate collection devices were already in place and had been operating for a number of 
years. 
 
In order to retrofit a Dry FGD system, the module that injects the lime into the flue gas must be located upstream of 


the particulate collection device, which must be a fabric filter.  On existing units, this can present several problems.  
First, many units were constructed decades ago and their particulate control device is an electrostatic precipitator 
(ESP).  An existing ESP is not sized to be able to handle the increased particulate loading that will be seen as a result 
of the sorbent injection and still meet their permit limits.  If this is the case, then the lime injection must take place 
downstream from the unit.  This necessitates the addition of a baghouse downstream from the Dry FGD unit.  These 
two items together constitute an enormous capital cost to install at an existing facility.  Second, even if a facility does 
have a baghouse installed as its means of controlling particulate matter, there is often not enough room to construct the 
FGD modules between the boiler building and the fabric filter.  As such, significant amounts of ductwork would need to 
be installed to route the flue gases to the Dry FGD modules and then re-route them back to the fabric filter.  And then, 
the existing fabric filter may not be large enough to accommodate the increased particulate loading that will be seen.  
Or, in a worst-case scenario, the entire back end pollution train would need to be torn down and re-built in order to 
accommodate the new FGD system.  This presents significant problems in terms of time, labor and electricity 
generating capabilities. 


 
So, trying to install a Dry FGD system on an existing unit will involve great capital expense, either in the sheer 
amount of material that needs to be installed or in tearing down existing equipment to make room for new 
ones. 


 
To retrofit a Wet FGD on an existing plant is another matter.  A Wet FGD may be easier to install on existing 
plants by placing it downstream of the existing particulate collection device.  This is a critical factor when 
considering a retrofit, even if the unit is firing PRB coal.  Because the Wet FGD can be placed downstream of 
existing control equipment, it is comparatively easy to install.  Consequently, even though the Wet FGD module 
itself is more expensive than the Dry FGD module, the entire SO2 control system retrofit is more expensive for a 
Dry FGD retrofit than it is for a Wet FGD retrofit.  That is, a Wet FGD retrofit consists only of the Wet FGD 
modules and supporting ancillary equipment, while a Dry FGD retrofit consists of not only the Dry FGD modules 
and ancillary equipment but also a new baghouse and its ancillary equipment.  When those two system costs are 
compared, Wet FGD is a more attractive option. 


 
So, installing a Wet FGD system as a retrofit (as in the case of Pleasant Prairie) is a more cost effective way of 
reducing SO2 emissions from an existing PRB fired unit with existing particulate control equipment than would 
be to retrofit a Dry FGD system on the same unit. 


 
Generally Wet FGD vendors are reluctant to provide bids on new PRB fired units under the same line of reasoning.  
Because the retrofit obstacles mentioned above are not present on a new unit, Dry FGD systems are routinely placed 
on new PRB fired units, and Wet FGD systems have a hard time competing.  In addition, Wet FGD systems, while 
capable of achieving lower emission rates, have a variety of secondary environmental considerations that must be 
evaluated by the Department when making a BACT determination.  
 
As described in the PSD application, a Wet FGD system produces a waste product that requires disposal.  
Historically, landfills or ponds have been used to dispose of Wet FGD wastes.  While a Wet FGD can utilize the 
limestone forced oxidation process (LSFO) to produce gypsum, the market potential for selling gypsum byproduct in 
Wausau, Wisconsin is limited.  Transportation costs are very high because of the considerable distance the FGD 
waste would have to be transported in order to reuse it.  The volume of FGD produced by Weston 4 is insufficient to 
support building a wallboard plant in the immediate vicinity of the Weston Generating Station.  It is likely that the 
material would have to be landfilled. If minimizing the utilization of the landfill resources in the area is a valued 
consideration in a BACT determination, a Dry FGD system is the preferred alternative. 
 
A Wet FGD system is somewhat less effective in controlling total particulates, PM10, fine particulates (PM2.5), and 
hazardous air pollutants (HAPs) than a Dry FGD.  A Wet FGD system is somewhat less effective at particulate control 







 


 


because the absorbers are located downstream of the particulate control equipment.  Carryover from the Wet FGD 
absorber’s mist eliminator may contribute to increased fine particulate emissions as the sulfates, present as sulfuric 
acid mist, react with the ammonia present in the gas due to the SCR system to produce ammonium sulfates, a fine 
salt compound.  This salt compound can increase the amount of PM2.5 emitted from the stack, raising concerns about 
visibility impairment as well as EPA’s new ambient PM2.5 regulations.  A Dry FGD system does not have this type of 
problem.  If minimizing the impacts of PM2.5 is a valued consideration in a BACT determination, then a Dry FGD 
system is the preferred alternative. 
 
In a Dry FGD system, the flue gas remains above the acid dew point as it passes through the scrubber module.  The 
SO3 in the system then has a chance to react with the lime as it enters the baghouse and is removed through the 
fabric filter, thereby curtailing much of the sulfuric acid mist formation.  The reduction in sulfuric acid mist emissions 
cuts the amount of material that is available for the ammonia to react with, thereby reducing the possibility of PM2.5 
formation.  Sulfuric acid mist emissions are higher with a Wet FGD system compared to a Dry FGD.  A Wet FGD 
system can be expected to reduce sulfuric acid mist emissions approximately 50 percent while a Dry FGD should 
achieve 90 percent control.  If minimizing the impacts of sulfuric acid mist is a valued consideration in a BACT 
determination, then a Dry FGD system is the preferred alternative. 
 
The visual impact of a wet chimney plume is an additional consideration.  A Wet FGD system always has a visible 
moisture plume.  During warm, dry weather the plume would dissipate within a few hundred yards of the chimney 
discharge.  During cooler weather or humid conditions, the vapor plume does not readily dissipate and may persist for 
a mile or more downwind.  In addition to the obvious aesthetic impact, such a plume severely complicates compliance 
monitoring technology.  For example, opacity monitoring is impossible in a wet stack, due to continuous moisture 
saturation.  Therefore, opacity measurements must be taken at less desirable and perhaps less representative 
locations, such as in the ductwork to the stack or downstream of the particulate control device.   If minimizing the 
impacts of visible emissions is a valued consideration in a BACT determination, then a Dry FGD system is the 
preferred alternative. 
 
Typically, the maximum ground level concentrations for pollutants, except SO2, will be 5 to 10 percent higher with a 
Wet FGD system compared to a Dry FGD system.  The higher ground level concentrations result because a Wet 
FGD system has lower stack exit temperatures and exit velocities.  This causes the buoyant and inertial forces to be 
lower and decreases atmospheric dispersion of the pollutants.  If minimizing the impact of ground level pollutants 
including NOX, PM, CO and VOCs is a valued consideration in a BACT determination, then a Dry FGD system is the 
preferred alternative. 
 
Additionally, this projected increased concentration does not account for the increase in emission rates of all other 
criteria pollutants (NOX, PM10, CO, VOC, etc.) from the facility.  These pollutant emission rates on a pound per hour 
basis will be higher with Wet FGD than with Dry FGD.  The pound per heat input (lb/MMBtu) emission rate will not 
change, but the boiler heat input may have to increase.  This is because Wet FGD consumes more energy than Dry 
FGD.  Consequently, the gross rating of the unit might have to be higher to achieve the same net output.  For Weston 
Unit 4, installing Wet FGD instead of Dry FGD increases the emissions of other pollutants (NOX, CO, PM10, and VOC) 
by approximately 56 tons per year.  On the other hand, this offsets some of the benefit of achieving a lower emission 
rate with Wet FGD, which would reduce SO2 emissions approximately 385 tons per year compared to Dry FGD. 
 
While the economics indicate that a Wet FGD system is only slightly higher in costs effectiveness than a Dry FGD 
system, the other collateral environmental and technical factors should be evaluated in determining BACT for SO2.   
In our evaluation of Wet FGD versus Dry FGD, we concluded that the collateral factors have sufficient weight to justify 
Dry FGD as BACT for Weston Unit 4.  In summary, the reasons Dry FGD was chosen over Wet FGD as BACT was 
because a Wet FGD has the following secondary considerations: 
 Energy consumption is higher resulting in more fuel combusted; 
 More fuel combusted results in higher emissions of other criteria pollutants; 
 Emissions of fine particulates are higher; 
 Many HAP emissions are higher; 
 Maximum ground level concentrations of all pollutants, except SO2, are typically 5 to 10% higher; 
 There will always be a substantial vapor plume; 
 Sulfuric acid mist emissions are higher; 
 Greater landfilling utilization and costs; and 
 Greater water usage. 
 
WPS proposed an SO2 limit of 0.12 lb SO2/MMBtu for a Dry FDG for several reasons.  First, this limit represents a 
92.2 percent reduction versus uncontrolled levels.  This percent reduction is among the most aggressive permitted for 
any PRB fired unit.   The MidAmerican permit lists the maximum fuel input sulfur as 0.625 lb S/MMBtu heat input, 







 


 


which equates to 1.25 lb SO2/MMBtu.  With an outlet emission rate of 0.10 lb SO2/MMBtu, this represents a 92.0 
percent reduction.  Weston Unit 4 will have a maximum fuel sulfur input of 0.62 percent, which equates to 0.765 lb 
S/MMBtu or 1.53 lb SO2/mmBtu.  With an outlet emission rate of 0.12 lb SO2/MMBtu, this represents a 92.2 percent 
reduction.  Another way to compare the facilities is to contrast the inputs and outputs.  The maximum fuel sulfur input 
to Weston Unit 4 is 22% higher than it is for MidAmerican.  The proposed Weston Unit 4 SO2 emission limit is 20% 
higher than it is for MidAmerican.  Again, the SO2 removal efficiency is greater for Weston Unit 4 with the proposed 
Dry FGD system than for the MidAmerican plant.   
 
WPS has investigated long-term coal contracts with PRB suppliers and determined that in order to provide the 
greatest fuel flexibility of operation and most rate stability for its customers, a higher fuel sulfur input is necessary for 
the PRB coal.  This higher fuel sulfur input equates to a slightly higher outlet emission rate, even though the percent 
emission reduction that WPS proposes is greater than that recently permitted by MidAmerican. 
 
WDNR also indicated that information available on EPA’s website showed that existing coal-fired units were achieving 
lower emission rates than those that WPS is requesting in this permit application.  A review of EPA’s Acid Rain 
database14 does indicate that several units are operating at average annual emission rates lower than 
0.12 lb/MMBtu.  However, several pieces of key information are not provided in the database.  First, the database 
shows annual emissions only.  To calculate out the average annual emission rate, the total SO2 emissions must be 
divided by the total heat input to the unit.  This gives an emission rate for the entire year as a whole.  However, the 
PSD permit will be based on a 30-day rolling average.  The Acid Rain database does not indicate whether or not the 
individual units met their permitted emission rates on this shorter-term basis. 
 
A second issue is that the database does not indicate how much sulfur is present in the input coal stream.  This is a 
critical issue because the lower the sulfur content in the coal, the lower the potential outlet emission rate of the unit.  
The following table was taken from the 2002 Acid Rain database.  The average annual SO2 emission rate was 
calculated and only those units burning coal with an emission rate of 0.12 lb/MMBtu or less were retained in the 
search. 
 


State Plant Name 
Primary 


SO2 Control 
2002 SO2 


(tons) 


2002 SO2 
Emission Rate 


(lb/MMBtu) 
Arizona Navajo WLS 1,273 0.04 
Arizona Navajo WLS 1,152 0.03 
Arizona Navajo WLS 1,583 0.05 
Colorado Craig DL 1,393 0.09 
Colorado Rawhide Energy Station DL 898 0.07 
Georgia Yates WL 241 0.10 
Iowa Muscatine WLS 539 0.10 
Montana Colstrip WL 2,165 0.10 
Montana Colstrip WL 3,140 0.10 
Nevada Reid Gardner SB 493 0.10 
Nevada Reid Gardner SB 254 0.05 
Nevada Reid Gardner SB 273 0.05 
Nevada Reid Gardner SB 957 0.09 
Pennsylvania Conemaugh WLS 2,918 0.11 
Pennsylvania Conemaugh WLS 3,018 0.10 
South Carolina Cope Station DL 1,879 0.11 
Texas Sam Seymour WL 1,779 0.10 
Utah Bonanza WLS 981 0.04 
Utah Hunter (Emery) WL 1,370 0.08 
Utah Intermountain WLS 1,860 0.05 
Utah Intermountain WLS 1,789 0.05 
Virginia Altavista Power Station DL 53 0.05 
Virginia Altavista Power Station DL 52 0.05 
Virginia Clover WLS 983 0.07 
Virginia Clover  1,128 0.06 


Virginia 
Southampton Power 
Station 


DL 51 0.05 


                                                 
14 http://www.epa.gov/airmarkets/arp/2002emissionsdetail.xls 







 


 


State Plant Name 
Primary 


SO2 Control 
2002 SO2 


(tons) 


2002 SO2 
Emission Rate 


(lb/MMBtu) 


Virginia 
Southampton Power 
Station 


DL 51 0.05 


Washington Centralia WLS 3,172 0.11 
WLS = Wet Lime/Limestone Scrubber 
WL = Wet Lime/Limestone 
DL = Dry Lime 
SB = Sodium Based 


 
If the facilities that utilize wet lime or limestone systems are eliminated from the search (i.e., only sources controlled in 
a similar manner to WPS) the search results are as follows: 
 


State Plant Name 
Primary 


SO2 Control 
2002 SO2 


(tons) 


2002 SO2 
Emission Rate 


(lb/MMBtu) 
Colorado Craig DL 1,393 0.09 
Colorado Rawhide Energy Station DL 898 0.07 
Nevada Reid Gardner SB 493 0.10 
Nevada Reid Gardner SB 254 0.05 
Nevada Reid Gardner SB 273 0.05 
Nevada Reid Gardner SB 957 0.09 
South Carolina Cope Station DL 1,879 0.11 
Virginia Altavista Power Station DL 53 0.05 
Virginia Altavista Power Station DL 52 0.05 


Virginia 
Southampton Power 
Station 


DL 51 0.05 


Virginia 
Southampton Power 
Station 


DL 51 0.05 


DL = Dry Lime 
SB = Sodium Based 


 
Several observations can be made from this list.  First, the units operating in Colorado and Nevada are almost 
certainly using PRB coal, and as such, the sulfur content of the coal that was actually burned may be much lower than 
the upper limit of coal that WPS is proposing (0.6 percent S).  Second, while the four Virginia plants indicate an 
extremely low emission rate, they also show an extremely low total SO2 emission rate for the year.  This is an 
indication that the plants saw extremely limited operation and a 30-day rolling average emission rate cannot be 
determined from this extremely limited data set.  The only other plant in the list is the Cope Station plant in South 
Carolina.  The recorded SO2 emission rate is 0.11 lb/MMBtu, which does not mean that this facility was achieving this 
emission rate year round.  On the contrary, this emission rate is the summation of all emission rates for the year, both 
lower and higher than 0.11 lb/MMBtu.  It is unclear whether this facility actually achieved this emission rate on a 30-
day rolling average. 
 
Third, to compare actual (i.e. average) emission rates to permitted potential emission rates is not a good method, for 
units operating in compliance with permit conditions, of establishing a BACT emission limits under worse case fuel 
inputs.  Actual emission rates do not reflect the short and long term variability of the fuel.  The table below shows the 
short term SO2 emission rate variability on a month-to-month average at Weston Unit 3.  The coal source was 
relatively constant during this period yet the range of emission rate range was from 0.54 to 0.73 lb SO2/MMBtu. This 
is approximately a 26 percent change in emission rate associated with the variability in PRB fuel constituents. 
 


Month / Year 
Weston Unit 3 


SO2 Emission Rate 
[lb/MMBtu] 


Jan 2002 0.576 
Feb 2002 0.579 
Mar 2002 0.609 
Apr 2002 0.622 
May 2002 0.592 
Jun 2002 0.539 







 


 


Jul 2002 0.583 
Aug 2002 0.590 
Sep 2002 0.609 
Oct 2002 0.590 
Nov 2002 0.647 
Dec 2002 0.591 
Jan 2003 0.591 
Feb 2003 0.631 
Mar 2003 0.729 
Apr 2003 0.628 
May 2003 0.639 
Jun 2003 0.541 
Jul 2003 0.678 
Aug 2003 0.627 
Sep 2003 0.637 


 
The long-term variability of SO2 emission rates is a function of the variability of PRB coal sources.  For Weston Unit 4, 
the range of PRB coals sources show that the uncontrolled SO2 emission rate could reach 1.53 lb/MMBtu.  We are 
proposing a BACT limit to allow for flexibility in PRB coal source selection.  We do not believe that a BACT analysis 
should be performed on actual emission rate data that would result in emission limits that: 
1) provide no operating margin thus essentially guaranteeing enforcement actions by the Department when the unit 


begins operation, and 
2) eliminates fuel flexibility thus placing WPS in captive coal market that would limits competition between fuel 


vendors and consequently subjects electric rate payers to higher coal prices. 
 


SULFUR DIOXIDE (More addiitonal information on the top down BACT analysis) 


 
From the information WPSC submitted on FERC Form 423 for 2000, 2001 and 2002, the fuel properties are as 
follows: 
 
 


Coal Property Average Value Maximum Value 


2000 


Heat Content (Btu/lb) 8,850 9,013 


Sulfur Content (% wt.) 0.27 0.33 


Ash Content (% wt.) 4.92 5.80 


2001 


Heat Content (Btu/lb) 8,800 9,023 


Sulfur Content (% wt.) 0.28 0.34 


Ash Content (% wt.) 5.37 6.60 


2002 


Heat Content (Btu/lb) 8,811 8,981 


Sulfur Content (% wt.) 0.27 0.36 


Ash Content (% wt.) 5.23 5.90 


(iv) All Years 
Heat Content (Btu/lb) 8,819 9,023 


Sulfur Content (% wt.) 0.27 0.36 


Ash Content (% wt.) 5.18 6.60 


 
WPSC has examined these facilities and their respective emission rates.  Several points should be made concerning 
these facilities.  First, the emission rates that are listed above are not 30-day rolling averages.  Instead, those 







 


 


emission rates are the average annual SO2 emission rate.  This number is calculated from the EPA Acid Rain 
database by taking the total SO2 emissions for the entire year and dividing it by the total heat input to the boiler for 
the entire year.  As such, these numbers are misleading.  They do not represent continuous compliance on a 30-day 
rolling average basis. 
 
Second, these facilities do not all burn PRB coal.  PRB fuel, from the Powder River Basin, is mined in northeastern 
Wyoming and part of Montana.  According to the FERC Form 423 reported information for the 2000 through 2002 
reporting years, the following coal information was ascertained: 
 


Facility Name FERC Code / ORIS ID Coal Type Coal Source 


Bonanza 7790 Bituminous Colorado 


Colstrip 6076 Subbituminous Montana 


Navajo 4941 
Bituminous / 


Subbituminous 
Arizona 


Rawhide 6761 Subbituminous Wyoming 


 
The FERC data indicates that of these facilities, only Colstrip Unit 4 and Rawhide are potentially burning PRB fuel. 
 The FERC data indicates what state that the coal is mined in, but not the specific mine that the coal originates from. 
 As such, it is unclear whether or not the Colstrip and Rawhide coals are actually mined in the Powder River Basin.  
It can be determined that the Bonanza and Navajo plants, which are also burning low sulfur western coals, are not 
burning PRB coals.  In fact, Bonanza is burning strictly western bituminous coals, while the Navajo station burns a 
combination of bituminous and subbituminous coals.  There is a discrepancy in the types of coal burned in these 
facilities, and as such, it makes a comparison to Weston Unit 4, which will burn low-sulfur western subbituminous 
coal from the Powder River Basin, difficult. 
 
Although these facilities do not all burn PRB coal, the following table illustrates the coal properties of the above 
listed facilities.  Again, all data has been taken from the FERC Form 423 for the years 2000 through 2002. 
 


Facility Coal Type 
Btu Content Sulfur Content Ash Content 


Max Average Max Average Max 


Bonanza Bituminous 9,922 10,192 0.39 0.46 10.45 15.00 


Colstrip Subbituminous 8,574 8,697 0.67 0.74 8.63 9.98 


Navajo Bituminous 10,920 11,076 0.53 0.56 9.31 9.80 


Navajo Subbituminous 10,915 11,009 0.52 0.55 9.35 9.89 


Rawhide Subbituminous 8,832 8.935 0.22 0.29 7.98 5.63 


 
In order to compare the emissions from these facilities, two separate analyses were conducted.  The first analysis 
examined the 30-day rolling average of these six units.  While the annual average SO2 emission rate for each of the 
indicated facilities is lower than the requested 0.12 lb/MMBtu for Weston Unit 4, the annual average emission rate 
does not indicate whether the facilities are continually in compliance with the 30-day rolling average emission rate.  
Weston Unit 4 will need to be in continuous compliance with the 30-day rolling average SO2 emission rate, and the 
BACT limit must be set at a level that normal plant operations will not cause a violation of this level. 
The EPA Acid Rain database15 was queried to determine the past five years worth of emission data for 
each of the indicated facilities.  Graphs showing the 30-day rolling average emission rate are presented 
here.  
 
As can be seen from the graphs, while most operations occur below 0.12 lb/MMBtu, there are events that drive the 
30-day rolling average over 0.10 lb/MMBtu.  Any permit that is issued for Weston Unit 4 will have to be able to 
takeinto account these spikes.  As indicated earlier, the Colstrip and Rawhide plants are the most similar in coal 
composition to the proposed Weston Unit 4.  The graphs of the 30-day rolling average SO2 emission rate for the past 


                                                 
15 http://www.epa.gov/airmarkets/arp 







 


 


five years at these two facilities indicate that an emission rate below 0.10 lb/MMBtu is not consistently achievable.  
In fact, for much of 2002, Colstrip operated above 0.10 lb/MMBtu.  It is logical to assume that this is due, in part, to 
the sulfur content of the coal.  The average coal sulfur content is 0.67 percent, which is relatively close to the worst-
case design coal for Weston Unit 4. 
 
And while the Rawhide plant has seen emissions below 0.10 lb/MMBtu for the past three years, the facility has been 
firing extremely low sulfur coal during that time.  The maximum coal sulfur content for 2000 through 2002 was 
0.29 percent, which is less than half of the worst-case design coal sulfur concentration for Weston Unit 4.  With less 
than half of the sulfur being fed to the boiler, it is easier to control the sulfur to a lower level.  However, whether 
Rawhide will be able to maintain an economical supply of this very low sulfur for an extended period of time 
remains to be seen. 
 
The second analysis that was conducted compared the 30-day rolling average emission rate directly to the fuel sulfur 
content.  The following graphs illustrate the relationship between coal sulfur and the emission rate of SO2.  These 
graphs are copied from the application information and can be obtained from the Department by contacting Raj 
Vakharia at 608-267-2015.  These graphs are not available electronically with this review. 







 


 







 


 


 
As can be seen from the charts, as sulfur content in the coal increases, so does the SO2 emission rate.  However, the 
Navajo units see the lowest annual SO2 emission rates even though the sulfur content of the coal is between 0.5 and 
0.6 percent.  The reason for this discrepancy lies in the fact that the units are firing coals with a high heat content.  
The heat content of the Navajo coals is over 3,000 Btu higher than the heat content of Colstrip and Rawhide, the 
units that are firing subbituminous coals.  With a higher heat content, less coal is consumed and consequently less 
SO2 is created. 
 
In the paper entitled, “Estimating Total Sulfuric Acid Emissions form Coal-Fired Power Plants,”16 researchers with 
Southern Company indicated in Table 4, “Technology Impact Factors for Control Devices” that a wet scrubbing 
system has an impact factor of 0.50 while a dry scrubber has as impact factor of 0.10.  This represents a factor of 50 
difference between the two technologies.  As such, WPSC asserts that the sulfuric acid mist emissions from a Wet 
FGD are higher than they are for a Dry FGD system. 
 
Data from the “Toxic Emissions from Coal-Fired Power Plants – Phase 1 Results” indicates differences in emission 
rates between various heavy metals.  The following information is taken from that report, with the numbers in 
BOLD indicating which control technology is more effective.17 
For all but three of the pollutants, the Department of Energy report indicates that Dry FGD is a more effective 
control device. 
 
Lastly, industry operating experience has led to the conclusion that particulate matter (PM10) and fine particulate 
matter (PM2.5) emissions are higher with a Wet FGD system than with a Dry FGD system.  This assertion is made 
from two arguments.  First, the particulate control device in a Wet FGD system is located upstream of the scrubber 
module.  By injecting material back into the flue gas (in order to control SO2), the particulate emissions out of the 
stack increase slightly.  In a Dry FGD system, the particulate device (i.e., fabric filter) is immediately downstream 
from the scrubber modules.  This means that there is no opportunity to re-inject material into the gas stream prior to 
the flue gases exiting the stack.  Second, the Wet FGD system will create more sulfuric acid most than a Dry FGD 
system will.  Sulfuric acid mist emissions can react with ammonia present in the gas stream due to the operation of 
the SCR, to create fine particulate (PM2.5) in the form of ammonium sulfates [(NH4)2SO4].  These emissions can 
increase the PM10 and PM2.5 emission rate from a coal-fired unit controlled by a Wet FGD. 
 
The units that are currently operating were discussed earlier in this submittal (Navajo, Bonanza, Colstrip, 
and Rawhide).  The additional list of permitted sources that are not yet in operation but that WDNR 
indicated needed to be addressed are as follows: 


                                                 
16 September 1998 
17 Prepared for the US Department of Energy, September 1996. 







 


 


 
 


R E C E N T  S O 2  B A C T  D E T E R M I N A T I O N S  F O R  S I M I L A R  U N I T S  


Company 
SO2 Limit 


Control Technology Fuel Type 
Boiler 
Type 


Notes 
Lb/MMBtu Averaging Period 


MidAmerican 0.10 30-day Rolling SCR + ACI + DFGD + FF PRB SCPC 0.625 lb S/MMBtu + study 


WPSC Weston 4 0.12 30-day Rolling SCR + DFGD + FF PRB SCPC 0.6% S Max. 


RoundUp 0.15 1 hour 
SCR + DFGD + FF PRB PC 


90% 30 day 
Bull Mountain 0.12 24 hour 


Great Plains 0.12 30-day Rolling SCR + DFGD + FF PRB PC  


Sand Sage  0.12 30-day Rolling SCR + DFGD + FF Sub-Bituminous PC 0.5% S Max. 


Hawthorn 
0.13 3 hour 


SCR + DFGD + FF PRB PC  
0.12 30-day Rolling 


Rocky Mountain 0.15 30-day Rolling  Sub-Bituminous PC 0.64% S Max. 


Two Elks 
0.153 30-day Rolling 


SCR + DFGD + FF PRB PC  0.132 30-day Rolling 


0.18 2 hour 


Plum Point 0.16 3 hour SCR + DFGD + FF PRB PC  


Black Hills Wygen II 
0.17 30-day Rolling 


DFGD + ESP PRB PC 0.85% S Max. 
0.20 2 hour 


Springerville 3&4 
0.60 30-day Rolling 


SCR+DFGD+FF Sub-Bituminous PC Pollution Control Project 
1.2 30-day 







 


 


Examining the above information, only one permitted facility, MidAmerican, has a permitted emission rate 
lower than the proposed Weston Unit 4.  The lower emission rate for the MidAmerican facility was 
discussed in WPSC’s November 14, 2003 submittal.  The information is presented again here. “WPSC 
proposed an SO2 limit of 0.10 lb SO2/MMBtu for a Dry FDG for several reasons.  First, this limit 
represents a 92.0 percent reduction versus uncontrolled levels.  This percent reduction is among the most 
aggressive permitted for any PRB fired unit.   The MidAmerican permit lists the maximum fuel input sulfur 
as 0.625 lb S/MMBtu heat input, which equates to 1.25 lb SO2/MMBtu.  With an outlet emission rate of 
0.10 lb SO2/MMBtu, this represents a 92.0 percent reduction.  Weston Unit 4 will have a maximum fuel 
sulfur input of 1.25 lb SO2/mmBtu.  With an outlet emission rate of 0.10 lb SO2/MMBtu, this represents a 
92.0 percent reduction.  


 
“WPSC has investigated long-term coal contracts with PRB suppliers and determined that in order to 
provide the greatest fuel flexibility of operation and most rate stability for its customers, a higher fuel sulfur 
input is necessary for the PRB coal.  This higher fuel sulfur input equates to a slightly higher outlet 
emission rate, even though the percent emission reduction that WPS proposes is greater than that 
recently permitted by MidAmerican.” 
 
The six units that WDNR identified as having lower emission rates are not all similar to the proposed 
Weston Unit 4.  Some of the differences in coal fired were already discussed in this submittal.  And as 
previously discussed in the November 14, 2003 submittal, the control technologies at the facilities are not 
the same.  The following information was taken from the EPA Acid Rain database and was included in the 
November 14, 2003 submittal. 
 
 


State Plant Name 
Primary SO2 


Control 
Coal Type 


Arizona Navajo WLS Bituminous / Subbituminous 


Arizona Navajo WLS Bituminous / Subbituminous 


Arizona Navajo WLS Bituminous / Subbituminous 


Colorado Rawhide Energy Station DL Subbituminous 


Montana Colstrip WL Subbituminous 


Utah Bonanza WLS Bituminous 


WLS = Wet Lime/Limestone Scrubber 
WL = Wet Lime/Limestone 
DL = Dry Lime 


 


Only one facility, the Rawhide plant, utilizes a Dry FGD system and subbituminous coal.  The other facilities do not 
utilize the same coal type or the same control device.  Additionally, the sulfur content of the coals used at these 
facilities was examined earlier in this submittal, and lower emission rates generally correspond to lower sulfur 
contents of the coal.  This helps to explain the differences in the emission rates and why facilities are currently 
achieving annualized SO2 emission rates lower than 0.10 lb/MMBtu.  And while the Rawhide plant has a 30-day 
rolling average SO2 rate lower than 0.10 lb/MMBtu, the past three years of coal data demonstrates that the plant is 
burning a coal with a sulfur content that does not exceed 0.3 percent.  This sulfur concentration is less half of the 
proposed worst-case fuel sulfur content for Weston Unit 4. 


 
 







 


 


(vi)  
(vii)  
(viii)  
(ix) 5.5 COAL-FIRED SCPC BOILER: 
PARTICULATE MATTER / PM10 


 
5.5.1 Evaluation of Control Options 
 
The technology identified to have the greatest potential to limit particulate and HAP emissions from Weston Unit 4 is a 
baghouse.  It is a mature technology that is available from a number of suppliers.  In the last 20 years, baghouses 
have become widely accepted for particulate control on low-sulfur coal-fired boilers.  Western subbituminous coal has 
high ash resistivity, which makes particulate collection more difficult in an ESP than for a baghouse.  Baghouses can 
reduce particulate emissions to about 0.018 – 0.020 lb/MMBtu. 
 
It should be noted that in many recent permits, no distinction has been made between filterable (front half) and 
condensable (back half) particulate matter.  The NSPS Subpart Da includes a PM limit (0.03 lb/MMBtu), but this limit 
is for filterable particulate matter only.  Condensable particulate matter is most often associated with PM10 emissions. 
 As such, WPSC considered this fact when determining the emission limit from Weston Unit 4, and all emission rates 
and factors given herein include the condensable part of PM10 as well as the filterable part.  The PM10 limit for 
Council Bluffs 4, a 750 MW coal-fired unit recently permitted in Iowa, was 0.025 lb/MMBtu.  This limit is higher than 
the BACT limits normally seen with coal-fired boilers as Council Bluff 4 was concerned about the ability of their control 
equipment to meet a low limit when the condensable fraction is included. 
 


EXHIBIT A5.5.2 ENVIRONMENTAL CONSIDERATIONS 
There are no environmental issues that would preclude the use of a baghouse on Weston Unit 4. 
 


EXHIBIT B5.5.3 ENERGY CONSIDERATIONS 
There are no energy considerations that would preclude the selection of a baghouse as BACT for Weston Unit 4. 
 


EXHIBIT C5.5.4 ECONOMIC CONSIDERATIONS 
An economic evaluation was performed to evaluate the impact of installing a baghouse system.  The results of this 
evaluation are summarized in Table 5-8.  The average annual particulate control cost is estimated to be $7.8 million, 
which is $53 per ton removed.   
 


EXHIBIT D5.5.5 PM10 BACT DETERMINATION 
Baghouses limiting PM10 emissions to 0.020 lb/MMBtu has been selected as BACT for Weston Unit 4.  Installation of 
the baghouses will result in the lowest particulate emissions from Weston Unit 4.   
No other proven particulate control technology is available for the unit that would achieve lower emission rates.  
Compliance with the BACT limit for PM10 will be verified by reference method tests. 







 


 


TABLE 5-8 


Summary of Top-Down BACT Analysis for Particulate Emissions for Weston Unit 4 


PM10 Control Method       
(Ranked by PM10 Rate) 


PM10 
Reduction 


Efficiency  %b 


Emissions Economic Impacts Environmental Impacts 


Emission 
Rate 


Lb/MMBtu 


Hourly 
Emission 


Rate   Lb/Hr 


Annual 
Emission 


Rate   
Tons/Yra 


Emission 
Reduction 
Tons/Yr 


Installed 
apital Cost 
 $1,000 


Annual 
O&M Cost 


$1,000 


Total 
Annual Cost 


$1,000/yr 


Average 
Control 


Cost      
$/ton 


Incremental 
Control Cost 


$/ton 


Toxic  
Impact  


Adverse 
Environmental 


Impact  


aghouse 99.74 0.020 103 385 146,564 34,634 4,143 7,781 53 53 None None 


aseline (Uncontrolled)c  7.63 39,471 146,949     


Notes:  a. Annual emissions are based on capacity factor of 85%. 
            b.  PM10 reduction efficiency compared to the uncontrolled baseline emissions. 
            c.  Baseline emissions based on uncontrolled emissions. 
 
 
Life, years   30 
Cost of Money, %  5 
Capital Recovery Factor  0.06505 
Taxes, Insurance  0.04 
O&M Levelization Factor  1.46866 







 


 


5.6 COAL-FIRED SCPC BOILER: CARBON MONOXIDE 
5.6.1 Evaluation of Control Options 
The only method identified to control CO emissions from a coal-fired boiler entails the use of appropriate combustion 
control techniques.  The RBLC database and EPA’s National Coal-Fired Utility Projects Spreadsheet list no other CO 
control techniques for pulverized coal units. 
 
CO emissions are the result of incomplete combustion.  Operating with higher flame temperatures and longer furnace 
residence times can reduce CO emissions.  Unfortunately, reducing CO emissions in this manner results in an increase 
of NOX emissions.  Balancing low CO and NOX emissions is an appropriate consideration in the boiler design and 
operation. 
 
Control technologies such as CO catalysts are not available for use on a solid-fuel fired boiler.  Catalytic reduction for 
CO is not technically feasible because ash in the gas stream would destroy the catalyst after a very short period of 
operation, resulting in extremely high operational and maintenance costs due to the frequent catalyst replacement. 
 
5.6.2 Environmental Considerations 
Environmental impacts are a consideration in the determination of BACT for CO.  Operating the boiler to achieve lower 
CO emissions results in higher NOX emissions.  Generally, reducing NOX emissions is considered to be more important 
than achieving lower CO emissions. 
 
5.6.3 Energy Considerations 
There are no significant energy impacts to be considered in the BACT evaluation for CO controls. 
 
5.6.4 Economic Considerations 
As previously stated, ash in the gas stream would destroy the catalyst after a very short period of operation, resulting in 
extremely high operational and maintenance costs due to the frequent catalyst replacement.  These adverse costs must 
be taken into account when considering this control technique. 
 
5.6.5 CO BACT Determination 
Combustion controls to achieve CO emissions of 0.15 lb/MMBtu were selected as BACT for Weston Unit 4.  Although 
lower CO emissions may be obtainable with combustion modifications, higher NOX emissions would result.  CO 
emissions will be verified by reference method tests.  
5.7 COAL-FIRED SCPC BOILER: VOLATILE ORGANIC COMPOUNDS 
5.7.1 Evaluation of Control Options 
Combustion controls are the only method identified to control VOC emissions from a PC-fired boiler.  Similar to CO, 
however, reducing VOC emissions results in higher NOX emissions.  Consequently, NOX emissions are an 
environmental factor in establishing BACT for VOCs. 
 


EXHIBIT E5.7.2 VOC BACT DETERMINATION 
An emission rate of 0.0036 lb/MMBtu using combustion controls is recommended as BACT for VOC emissions.  WPSC 
believes this VOC emission rate can be achieved without substantially impacting NOX emissions.  An emission rate of 
0.0036 lb/MMBtu is one of the lowest levels permitted for similar applications. 
 
5.8 COAL-FIRED SCPC BOILER: SULFURIC ACID MIST 
 
5.8.1 Evaluation of Control Options 
The technology identified to have the greatest potential to limit sulfuric acid mist emissions from Weston Unit 4 is Dry 
FGD used in conjunction with baghouses.  Removal efficiencies greater than 90 percent can be achieved using these 
technologies, which were also selected as BACT to control SO2 and PM10. 
 
5.8.2 Environmental Considerations 
There are no environmental issues that would preclude the use of Dry FGD and baghouses on Weston Unit 4. 
 
5.8.3 Energy Considerations 
There are no energy considerations that would preclude the use of Dry FGD and baghouses on Weston Unit 4. 
 
5.8.4 Economic Considerations 
The capital and operating cost associated with Dry FGD and baghouses are given in the SO2 and PM10 sections of the 
BACT analysis for the Weston Unit 4 boiler. 
 







 


 


5.8.5 Sulfuric Acid Mist BACT Determination 
Dry FGD used in conjunction with baghouses limiting sulfuric acid mist emissions to 0.005 lb/MMBtu has been selected 
as BACT for Weston Unit 4.  This emission limit is consistent with sulfuric acid mist limits from recently permitted units.  
Dry FGD and baghouses will result in the lowest sulfuric acid mist emissions from Weston Unit 4.  No other control 
technology is available for the unit that would achieve lower emission rates.  Compliance with the BACT limit for sulfuric 
acid mist will be verified by reference method tests. 
 
5.9 COAL-FIRED SCPC BOILER: MERCURY 
5.9.1 Evaluation of Control Options 
Mercury is naturally contained in soils and mineral deposits, including coal deposits.  During the combustion process, 
minute quantities of mercury that may be present in the coal are vaporized in the boiler.  Mercury is present in the flue 
gas as elemental mercury (Hg0), oxidized mercury (Hg2+), and particulate bound mercury (HgP).  The ability to capture 
mercury is affected greatly by the mercury speciation.  Factors that affect mercury speciation and control include coal 
properties (e.g., fly ash composition, chlorine content, etc.), combustion conditions, control equipment type and 
configuration, and operating temperatures of the control equipment.  Refer to Section 5.16.5 for related information on 
mercury that is covered in the case-by-case MACT analysis. 
 
Mercury is captured across SO2 and particulate control equipment at varying levels of control.  The ability of air pollution 
control equipment to remove mercury from flue gas varies significantly depending on whether it is in elemental or 
oxidized form.  The oxidized form of mercury is water soluble and relatively easy to remove with FGD systems.  
However, elemental mercury is not water soluble, and therefore cannot be effectively controlled by FGD systems or 
particulate controls.  Both elemental and oxidized mercury can be adsorbed onto porous solids (such as fly ash, 
calcium-based FGD sorbents, or activated carbon), and removed from the flue gas using particulate controls.  Oxidized 
mercury is more easily adsorbed than elemental mercury.  Particulate bound mercury is readily captured using 
particulate control devices such as electrostatic precipitators or baghouses. 
 
As noted in this control technology analysis, the selected air pollution control equipment for Weston Unit 4 for 
particulate, acid gases, and non-mercury HAP metals is Dry FGD used in conjunction with baghouses.  Electrostatic 
precipitators and Wet FGD are not compatible with this configuration and are removed from further consideration on the 
basis of technical infeasibility.  Based on limited operating data and testing (i.e. ICR data), it is estimated that Dry FGD 
used in conjunction with baghouses would achieve 25 percent removal of mercury from the flue gas. 
 
Sorbent injection (SI),18 used in conjunction with particulate control equipment, has been shown to achieve 90 percent 
mercury control on some type of sources, such as municipal waste combustors.  This level of control, however, has not 
been demonstrated in the limited number of SI tests on coal-fired boilers.  It is thought that low mercury concentrations 
in the flue gas and relatively high concentrations of competing species explain some of this difference.  Currently, SI 
has only been tested on a limited number of coal-fired boilers, and there have been no long term, full-scale applications 
of SI to any coal-fired boiler.  Research and development of different sorbents (e.g., iodine-impregnated carbon, sodium 
tetrasulfide) that are more effective at removing mercury from coal-fire flue gas is ongoing, but still in the developmental 
stage.  Recent input from sorbent suppliers has indicated that removal efficiencies in excess of 80 percent could be 
achieved for Weston Unit 4.  However, the sorbent vendors are not all in agreement as to the method or amount of 
sorbent that will achieve this high emission rate.  Some vendors indicate that using an activated carbon injection rate of 
10 pounds per million actual cubic feet (lbs/million acf) of flue gas will achieve this control efficiency.  Others indicate 
different sorbents at much lower injection rates (as low as 2 lbs/million acf) will achieve the same control efficiency. 
 
As many vendors have been contacted, it is difficult to determine what information is genuine and what is more 
reflective of hopeful emission reduction capabilities.  As such, the cost basis for this emission reduction was based on 
the use of activated carbon at an injection rate equal to the MidAmerican Council Bluff Unit 4 (MCBU) permit (i.e., 10 
lbs/million acf).  However, WPSC reserves the right to evaluate which mercury reduction system will provide the most 
reduction at the best cost basis cost effective approach once actual equipment vendor bids are reviewed and 
established. 
 
Although the fuel supply for Weston Unit 4 will fluctuate, the 1999 ICR coal test data set for Weston is used as a 
representation for mercury in the coal for Weston Unit 4.  The maximum measured mercury concentration at Weston 
was 0.126 ppmwd or 10.6 lb/trillion Btu (TBtu).  Berkenpas et al. (2001) indicated that for subbituminous coals the 
mercury concentration could be up to 0.26 ppmwd.  The 1999 ICS data for all Wyoming subbituminous coals showed 
that the maximum concentration was 0.490 ppmwd or about 40.7 lb/TBtu, which may indicate the fluctuation of mercury 
concentration in the coal for Weston Unit 4.  As a basis for this analysis, it will be assumed that the maximum mercury 
input to Weston Unit 4 is 10 lb/TBtu.  Based on this value, mercury emissions for a Dry FGD with baghouse 


                                                 
18 Activated carbon has been the traditional sorbent used in hazardous waste incineration controls as well as preliminary testing on coal-fired 
boilers.  However, other types of sorbent exist than can produce the same or better results as traditional activated carbon. 







 


 


configuration are estimated to be 7.5 lb/TBtu (approximately 25 percent reduction).  An examination of the ICR 
database indicates that this emission reduction percentage is appropriate. 
 
Adding a sorbent injection system is estimated to reduce mercury emissions even further.  While a variety of test data is 
available for review, it is still unclear as to the actual percent removals that are consistently achievable and at what rate 
a sorbent needs to be injected.  The MCBU permit stipulates that an emission rate of  1.7 lb/TBtu be achieved and 
required the used of activated carbon at an injection rate of 10 lb/million acf..  After review of the data, WPSC believes 
that the Iowa Department of Natural Resources’ (IDNR) information used to specify the activated carbon injection rate 
and the overall reduction efficiency of activated carbon may have been based on data for a lignite fired unit utilizing 
experimental sorbents.  As such, it may not accurately reflect the abilities of this sorbent on a PRB-fired PC unit.  
However, EPA Region VII (the region containing Iowa) has agreed with IDNR concerning the emission rate for the unit, 
and WDNR indicated that they too are in agreement with this level.  Based on potential of activated carbon to increase 
mercury removal reported in research projects and the government agencies’ expertise in this field, WPS will attempt to 
achieve the controlled mercury emission rate found in the MCBU air permit.  In concert with a limit of 1.7 lb/TBtu we 
request that, like the WE air permit (#03-RV-166), a condition be included for Weston 4 that identifies a testing 
schedule and Department review of the test data to adjust the emission limit to a higher value to more accurately reflect 
actual mercury reduction levels, if necessary. 
 
5.9.2 Environmental Considerations 
There are no environmental issues that would preclude the use of a Dry FGD, baghouse, or sorbent injection system for 
Weston Unit 4.   
 
5.9.3 Energy Considerations 
There are no energy considerations that would preclude the use of Dry FGD with baghouses as BACT for mercury for 
Weston Unit 4.  There are also no significant energy considerations associated with any add-on sorbent injection 
system, activated carbon injection included. 
 
5.9.4 Economic Considerations 
An economic evaluation was performed to evaluate the cost of adding an activated carbon injection system to the Dry 
FGD and baghouse system.  The results of this evaluation are summarized in Table 5-9.  The costs for operating an 
activated carbon system is estimated to be $7.4 million per year.  This equates to $33,000 per pound of mercury ($66 
million per ton) removed that would result from adding the activated carbon injection system.  While these costs are 
extremely high, they need further examination. 
 
In a traditional BACT analysis, most cost per ton determinations are found to be economically infeasible above a level 
of approximately $10,000 per ton.  This cost has been higher in non-attainment areas and in states with pollutant 
transport concerns.  However, this is for the traditional criteria pollutants (NOX, SO2, CO, PM10 and VOC).  Mercury is 
known to be an extremely toxic substance that causes very adverse health impacts in relatively small amounts.  The US 
EPA agreed with this assertion in its December 14, 2000 memorandum which indicated that mercury emissions from 
coal-fired power plants should be regulated, even though the amount that individual plants emit is extremely low. 
 
With the sensitivity to mercury in mind, it can be asserted that the costs for mercury should be evaluated not on a cost 
per ton basis, but on a cost per pound basis, and that this cost per pound may be much higher than traditional BACT 
determinations on criteria pollutants.  The total cost per pound of mercury removed is estimated to be $33,000 per 
pound.  After reviewing the recent proposed MACT standard that proposes an emission rate of 2.3 lb/TBtu, it is clear 
that US EPA agrees with the assertion that a high cost per pound of mercury is justifiable considering the toxic nature of 
the substance.  WPSC therefore acknowledges that the cost of $33,000 per pound is appropriate for mercury removal 
for a PRB-fired PC boiler. 
 
However, while vendors may supply “guarantees” that a sorbent injection system will achieve such high levels of 
mercury removal, these removal rates have not yet been demonstrated continuously on a PRB-fired PC boiler.  WDNR 
acknowledged that such high mercury removal rates may not be possible when it issued the WE Energies Elm Road 
Generating Station PSD permit.  The permit allows for a testing period to determine what removal rate can be attained 
from the system, and that the emission rate specified in the permit could then be adjusted to a higher emission level 
should the technology prove incapable of such high sustained mercury removal rates.  WPSC requests that the same 
consideration be given to this control strategy.  After the sorbent injection system is installed and emission testing 
completed, if the system cannot meet the emission rate of 1.7 lb/TBtu, then a new emission limit can be determined 
based on the actual mercury emission rate measured from the unit.  This rate shall not be higher than the MACT 
emission rate, whenever it is finally promulgated. 
 
5.9.5 Mercury BACT Determination 







 


 


Sorbent injection in conjunction with Dry FGD and a baghouse controlling mercury to 1.7 lb/TBtu is recommended as 
BACT for Weston Unit 4.  WPSC will use an appropriate sorbent to achieve 83 percent removal over a baseline 
emission rate of 10 lb/TBtu to 1.7 lb/TBtu.  WPSC requests that neither the type of sorbent nor the injection rate for the 
sorbent be specified in the permit as this will severely hinder WPSC’s ability to evaluate all possible technologies and 
determine which one can best achieve the mercury emission limits. 







 


 


TABLE 5-9 


Summary of Top-Down BACT Analysis for Mercury Emissions for Weston Unit 4 


Mercury Control Method 
(Ranked by Mercury Rate) 


Mercury 
Reduction 


Efficiency  %b 


Emissions Economic Impacts Environmental Impacts 


Emission 
Rate 


Lb/MMBtu 


Hourly 
Emission 


Rate   Lb/Hr 


Annual 
Emission 


Rate   
Tons/Yra 


Emission 
Reduction 
Tons/Yr 


Installed 
apital Cost 
 $1,000 


Annual 
O&M Cost 


$1,000 


Total 
Annual Cost 


$1,000/yr 


Average 
Control 


Cost      
$1000/ton 


Incremental 
Control Cost 


$1000/ton 


Toxic 
Impact  


Adverse 
Environmental 


Impact  


orbent InjectionC 83.0 1.7·10-6 0.0088 0.0327 0.1599 3,137 7,037 7,367 46,087 na None None 


ry FGD/Baghouse 25.0 7.5·10-6 0.0388 0.1443 0.0481 na na na     


aseline (uncontrolledl)  1.0·10-5 0.0517 0.1925     


Notes:  a. Annual emissions are based on capacity factor of 85%. 
            b. Mercury reduction efficiency compared to the baseline emissions. 
            c. Activated carbon system integrated with Dry FGD/Baghouse.  
 
 
Life, years   30 
Cost of Money, %  5 
Capital Recovery Factor  0.06505 
Taxes, Insurance  0.04 
O&M Levelization Factor  1.46866 







 


 


5.10 COAL-FIRED SCPC BOILER: BERYLLIUM 
5.10.1 Evaluation of Control Options 
Beryllium is a hard, grayish element that does not occur naturally.  The element does occur as a chemical component 
of certain rocks, coal, oil, soil, and volcanic dust.  During the combustion process, minute quantities of beryllium that 
may be present in the coal are released in the boiler.  Beryllium has been classified as a Class 1 metal, which is defined 
in AP-42 as follows: 
 
“Elements that are approximately equally concentrated in the fly ash and bottom ash, or show little or no small particle 
enrichment.  Examples include manganese, beryllium, cobalt, and chromium.” [emphasis added] 
 
AP-42 indicates that control of Class 1 metals is directly related to control of total particulate matter emissions.  As 
such, the control technologies employed to control PM and PM10 will also be effective in controlling beryllium emissions. 
 Western subbituminous coal has high ash resistivity, which makes particulate collection more difficult in an ESP than 
for a baghouse.  Baghouses can reduce particulate emissions to about 0.020 lb/MMBtu.  This emission limit has been 
selected as BACT for PM10 for Weston Unit 4.  As the collection of beryllium is directly tied to the control of particulate 
matter, ESPs were eliminated from further consideration of beryllium control as they have lower removal efficiencies.  
Only baghouses were considered for control of beryllium emissions. 
 


EXHIBIT F5.10.2 ENVIRONMENTAL CONSIDERATIONS 
The are no environmental issues that would preclude the use of a baghouse on Weston Unit 4. 
 


EXHIBIT G5.10.3 ENERGY CONSIDERATIONS 
There are no energy considerations that would preclude the selection of a baghouse as BACT for beryllium for Weston 
Unit 4. 
 


EXHIBIT H5.10.4 ECONOMIC CONSIDERATIONS 
An economic evaluation was performed to evaluate the impact of installing a baghouse system.  The results of this 
evaluation are summarized in Table 5-10.  The average annual particulate control cost is estimated to be $7.8 million, 
which is $5,086 per ton removed.  While this number is rather high, it should be noted that the baghouse also controls 
other pollutants, especially PM10, whose cost is $53 per ton of pollutant removed. 


EXHIBIT I5.10.5 BERYLLIUM BACT DETERMINATION 
Baghouses limiting beryllium emissions to 1.3·10-6 lb/MMBtu has been selected as BACT for Weston Unit 4.  
Installation of the baghouses will result in the lowest particulate emissions from Weston Unit 4 and consequently the 
lowest beryllium emissions.  No other proven particulate control technology is available for the unit that would achieve 
lower emission rates.  Compliance with the BACT limit for beryllium will be verified by reference method tests. 







 


 


TABLE 5-10 


Summary of Top-Down BACT Analysis for Beryllium Emissions for Weston Unit 4 


Control Method           
(Ranked by Emission Rate) 


Reduction 
Efficiency  %b 


Emissions Economic Impacts Environmental Impacts 


Emission 
Rate 


Lb/MMBtu 


Hourly 
Emission 


Rate   Lb/Hr 


Annual 
Emission 


Rate   
Tons/Yra 


Emission 
Reduction 
Tons/Yr 


Installed 
apital Cost 
 $1,000 


Annual 
O&M Cost 


$1,000 


Total 
Annual Cost 


$1,000/yr 


Average 
Control 


Cost      
$/ton 


Incremental 
Control Cost 


$/ton 


Toxic  
Impact  


Adverse 
Environmental 


Impact  


aghouse 98.40 1.3·10-6 0.0067 0.025 1.53 34,634 4,143 7,781 5,086c 5,086c None None 


aseline (Uncontrolled)  8.1·10-5 0.42 1.56     


Notes:  a. Annual emissions are based on capacity factor of 85%. 
            b.  Beryllium reduction efficiency compared to the uncontrolled baseline emissions.  Based on AP-42 emission factors. 
            c.  Only considering cost to reduce beryllium.  Cost to reduce PM10 is $53 per ton of pollutant. 
 
 
Life, years   30 
Cost of Money, %  5 
Capital Recovery Factor  0.06505 
Taxes, Insurance  0.04 
O&M Levelization Factor  1.46866 







 


 


b) 5.11 MATERIAL HANDLING 
EQUIPMENT 
5.11.1 Coal Handling Equipment 
The coal handling equipment includes the railcar unloading system, junction houses (i.e. transfer towers), the coal 
unloading system to the storage pile, the underground coal loading system from the storage pile, and the coal silo fill.  
For many of the handling points, the emissions can easily be enclosed.  This allows for mechanical collection of the 
material and subsequent removal from the exhaust gas stream.  Baghouses have the highest control efficiencies of any 
particulate matter control option and, according to the “top-down” approach, must be considered first.  The industry 
standard for baghouse outlet emission rates is 0.02 grains per dry standard cubic foot (gr/dscf).  This emission rate is 
well in excess of 99 percent efficiency for particulate removal. 
 
Rail car unloading will be performed by the existing rotary car dumper, where the existing baghouse will control the 
dust.  Coal from the dumper will be discharged onto a belt conveyor that moves coal to a transfer house where a 
baghouse will collect the coal dust.  After the transfer house, coal is conveyed to either of the two coal pile stock out 
and reclaim areas and discharged via telescopic chutes.  Each chute will be fitted with a wet spray header to help 
minimize dusting during the stock out process. 
 
Coal reclaimed from the storage area will be conveyed to the existing crusher house and then to the traveling belt 
tripper that operates over the top of the coal silos.  Baghouses will collect coal dust at the junction houses, crusher 
house, the tripper room floor and the coal silos. 
 
Chemical surfactants and/or water suppression are currently used to minimize fugitive emissions from the coal storage 
pile.  The great extent of the storage pile makes capture of the particulate matter by mechanical devices infeasible.  For 
this source, chemical surfactant application with periodic re-activation of the surfactant with water or water suppression 
alone was chosen as BACT. 
 
An examination of the different types of bags available for the baghouses was performed.  Dust generated from the 
transportation and handling of raw coal tends towards larger particle sizes. Consequently, baghouses may achieve a 
high degree of control of raw coal dust.  After review of different baghouse vendors and equipment suppliers, it was 
determined that the baghouses that will be used to control particulate emissions from coal handling operations will be 
able to achieve an outlet emission rate of 0.01 gr/dscf.  As such, all baghouses used to control particulate emissions 
from the transportation and handling of coal will achieve an outlet emission rate of 0.01 gr/dscf. 
 
5.11.2 Lime Handling Equipment 
Lime is used as a reagent in the Dry FGD system proposed as BACT for the Weston Unit 4.  Lime handling, storage 
and preparation equipment will be needed to supply the lime to the FGD system.  Lime deliveries to the plant are 
anticipated to be in pneumatic tanker trucks.  The lime will be pneumatically conveyed from the truck unloading hoppers 
to storage silos.  Particulate matter emissions from lime handling operations will be controlled through baghouses, 
yielding the highest level of emission control. However, the level to which the emissions will be controlled must still be 
examined. 
 
As with coal dust, an examination of the different types of bags available for the baghouses was performed.  Dust 
generated from the transportation and handling of lime tends toward larger particle sizes, similar to that of raw coal.  
After review of different baghouse vendors and equipment suppliers, it was determined that a standard of 0.01 gr/dscf is 
an appropriate emission rate.  As such, all baghouses used to control particulate emissions from the transportation and 
handling of lime will achieve an outlet emission rate of 0.01 gr/dscf. 
 
5.11.3 Fly Ash Handling Equipment 
Fly ash collected in the air heater hoppers and the fly ash/FGD by-product collected in the fabric filter hoppers will be 
conveyed either to the by-product recycle bin for reuse in the FGD system, or to the FGD by-product storage silo.  The 
fly ash/FGD by-product will be pneumatically conveyed from hoppers to the silos, and baghouses will be used to control 
emissions at each transfer point.  Baghouses offer the highest level of control and are chosen as BACT for the ash 
transfer points.  The level to which the baghouses control the emission of particulate matter must still be examined. 
 
An examination of the different types of bags available for the baghouses was performed.  Fly ash is different 
chemically and physically from both lime and coal dust.  It is much more difficult to achieve ultra-low emission rates for 
fly ash than it is for coal or lime because of the small particle size of fly ash.  After review of different baghouse vendors 
and equipment suppliers, it was determined that the industry standard of 0.02 gr/dscf is an appropriate emission rate.  
As such, all baghouses used to control particulate emissions from the transportation and handling of fly ash will achieve 
an outlet emission rate of 0.02 gr/dscf. 
 







 


 


FGD by-product in the storage silo can be unloaded dry into enclosed trucks or rail cars.  It can also be conditioned and 
loaded into open bed trucks for transport to an offsite landfill. 
 
5.12 COOLING TOWER 
Particulate emissions occur from the cooling tower as a result of the total solids (suspended and dissolved metals and 
minerals) in the water being entrained in the air stream.  These droplets of water (containing particulate) are known as 
drift.  While the majority of the suspended water and particulate are deposited in or near the tower, some of the drift can 
exit through the top of the tower and enter the air as PM10.  The most efficient way to remove drift from cooling towers is 
by installing drift eliminators.  Drift eliminators are designed to remove as many droplets as feasible before the air 
stream and entrained particulate leave the cooling towers. 
 
Drift eliminators with 0.002 percent drift emissions have been selected as BACT for particulate matter control on the 
cooling tower.  This represents the highest or “top” option for BACT, and in accordance with EPA guidance, no further 
control techniques were considered. 
 
5.13 AUXILIARY BOILER 
The auxiliary boiler will be fired by natural gas, a clean burning fuel.  The RBLC web page indicates that for boilers of 
this size firing natural gas, the main control techniques being utilized are dry low-NOX burners and flue gas recirculation 
(FGR).  No add-on controls were indicated for boilers in this size range.  Research into add-on control techniques 
indicates that no control equipment has been designed for PM/PM10 or SO2 control on natural gas-fired boilers.  As 
such, BACT for PM/PM10 and SO2 control is use of clean, low-sulfur fuel and good maintenance and operation. 
 
For CO and VOC reduction, oxidation catalysts exist that could potentially convert CO and VOC emissions into CO2 
and H2O.  For NOX control, an SCR catalyst could potentially reduce the NOX emissions by converting NO and NO2 into 
N2 and H2O in the presence of ammonia.  Details of these systems are in the following sections.  For all estimated O&M 
costs and schedules, the 2,000 hours per year operational limitation for the auxiliary boiler is taken into account. 
 
5.13.1 NOX Control Techniques 
The auxiliary boiler will be fired solely by natural gas.  While emissions of NOX from natural gas-fired units can be 
substantial, low-NOX burners will be utilized to reduce NOX emissions from the auxiliary boiler.  Add-on controls can 
potentially be installed to control NOX emissions.  Due to flue gas properties and potential pollutant concentrations, the 
only add-on system identified for control of NOX is SCR. 
 
Several vendors were contacted in order to obtain quotes for installing an SCR system.  However, most vendors 
refused to issue quotes on such a system and only one vendor provided an incomplete estimate in that it did not detail 
the elements of a control system.  As such, an alternative means of obtaining a quote for an SCR system was used.  
WPSC obtained the price for an SCR system for a 68 MMBtu/hr natural gas-fired boiler.  This price and size was then 
scaled up to potentially reflect the costs for a 230 MMBtu/hr gas-fired boiler.  The cost analysis to place an SCR on the 
auxiliary boiler is shown in Tables 5-11 and 5-12. 
 
The overall initial capital cost for installing an SCR system on the auxiliary boiler is estimated to be over $718,000.  
Annual costs are estimated to be $194,322.  The SCR system for this size auxiliary boiler will remove 18.4 tons of NOX 
per year with a cost effectiveness of over $10,000 per ton of NOX removed.  With such a high cost of removal, this SCR 
system is considered economically infeasible. 
 
5.13.2 NOX BACT Determination 
The only add-on control of NOX for a unit of this size is an SCR system.  Because a unit this size already has low 
emissions, add on controls will not be economically feasible.  A low-NOX burner comes standard on the auxiliary boiler 
and will reduce NOX emissions from this unit.  Therefore, for the auxiliary boiler, low-NOX burners were chosen as 
BACT for NOX emissions. 







 


 


Table 5-11 
Auxiliary Boiler – SCR Capital Costs 


Item Value Basis 


irect Costs 


urchased Equipment Cost 
Equipment cost + auxiliaries [A] $349,000 A 
Instrumentation $34,900 0.10 x A 
Sales taxes $0 Pollution Control Equipment Exempt 


Freight $17,450 0.05 x A 


otal Purchased Equipment Cost (PEC) [B] $401,350 B = 1.15 x A 


 


irect Installation Costs  
Total Direct Installation Cost $35,000 0.30 x B 
Site Preparation (SP) $0 As required 
Buildings (Bldg.) $40,142 As required 


 


otal Direct Cost (DC) $561,985 1.30B + SP + Bldg. 
 


ndirect Costs (Installation)  
 


Engineering $40,135 0.10 x B 
Construction and field expenses $20,068 0.05 x B 
Contractor fees $40,135 0.10 x B 
Start-up $8,027 0.02 x B 
Performance test $7,500 Stack Test Vendor Quote 
Contingencies $40,142 0.10 x B 
Other $0 As required 


 


otal Indirect Cost (IC) $156,025 0.37B + Performance Test  
 


otal Capital Investment (TCI) = DC + IC $718,009 1.67B + SP + Bldg. + Performance Test 







 


 


Table 5-12 
Auxiliary Boiler – SCR Operating Costs 


Item Value Basis 


irect Annual Costs (DC) 
lectricity  
Press. Drop (in W.C.) 3.0 Pressure drop - catalyst bed 
Power output of Auxiliary Boiler (kW) 20,205 Assume 30% Efficiency for Heat Input to Power Output 


Power Loss Due to Pressure Drop (%) 0.30% 0.1% for every 1" pressure drop 
Power Loss Due to Pressure Drop (kW) 60.6  
Unit cost ($/kWh) $0.059 Estimated market value 


Cost of Power Loss ($/yr) $7,153 Based on operation of 2000 hours/yr 


Operating Labor  
Catalyst labor req. $3,750 1/2 hr/shift @ $30/hr 
Ammonia delivery requirement (SCR) $480 16 hr/yr (2 deliveries per year) @ $30/hr 
Ammonia recordkeeping and reporting $1,200 40 hours per year @ $30/hr 
Catalyst cleaning $1,200 40 hours per year @ $30/hr 
Supervisor $995 15% Operating labor 


otal Cost ($/yr) $7,625


Ammonia  
Requirement (tons/yr) 71.9 19% aqueous ammonia @ $375/ton 
Unit  Cost ($/ton) $375 Estimate 


otal Cost ($/yr) $26,950


rocess Air 


Requirement (scf/lb NH3) 350  


Requirement (mscf/yr) 50,307  
Unit Cost ($/mscf) $0.20 $0.20 per 1000 scf 


otal Cost ($/yr) $10,061


atalyst Maintenance  
Catalyst system maintenance labor $16,425 1/2 hr/shift @ $30/hr 
Ammonia system maintenance labor $10,950 1 hr/day @ $30/hr 
Material $27,375 100% of maintenance labor 
Supervisor $4,106 15% Maintenance labor 


otal Cost ($/yr) $58,856


atalyst Replacement  
Catalyst Cost ($) $75,000 Catalyst modules 
Catalyst Disposal Cost ($) $7,500 Disposal of catalyst modules 
Catalyst replacement labor $3,200 107 hr/yr (8 workers, 40 hr, every 3 years) 
Sales Tax ($) $0 Pollution Control Equipment Exempt 
Catalyst Life (yrs) 3 n 
Interest Rate (%) 7.0%  i  
CRF 0.186 Amortization of catalyst for 3 yrs 


otal Cost ($/yr) $15,902 (Material + Labor Costs) * CRF 


ndirect Annual Costs (IC) 
Overhead $0 OAQPS SCR Assumption 
Administrative charges $0 OAQPS SCR Assumption 
Annual Contingency $0 OAQPS SCR Assumption 
Property taxes $0 OAQPS SCR Assumption 
Insurance $0 OAQPS SCR Assumption 
Capital Recovery $67,775 CRF x TCI (20 yr life, 7.0% interest) 


otal Indirect Costs ($/yr) $67,775


otal Annualized Costs (TAC) ($) $194,322  
otal Pollutant Controlled (ton/yr) (Natural 
as) 


18.4 80% reduction 


OST EFFECTIVENESS  ($/ton) $10,570







 


 


5.13.3 CO Control Techniques 
The RBLC does not list CO add-on controls for auxiliary boilers of this size.  However, for natural gas-fired combustion 
process, oxidation catalysts have occasionally been applied.  As such, several vendors were contacted in order to 
obtain quotes for installing an oxidation catalyst.  However, most vendors refused to issue quotes on such a system and 
only one vendor provided an incomplete estimate in that it did not detail the elements of a control system.  Oxidation 
catalysts normally operate in a range above 1000ºF.  The expected exhaust gas temperature of the auxiliary boiler is 
approximately 640ºF.  This would entail heating the exhaust gas stream up to 1000ºF (a 360ºF temperature increase) 
before being ducted into the catalyst. 
 
Two options were examined to accommodate the temperature increase.  The first option entailed diverting steam from 
part of the boiler output into a new heat exchanger to increase the flue gas temperature.  While this can provide the 
necessary heat for the flue gas, this would also have the effect of decreasing the efficiency of the system and requiring 
a higher boiler heat input in order to make up for the efficiency decline.  The higher heat input would entail burning more 
natural gas in the boiler and increasing the emissions of all criteria pollutants.  While technically feasible, this option is 
not practical and, as it results in increasing emissions of all criteria pollutants from this unit, defeats the purpose of 
installing a pollution control device. 
 
The second option is to install additional burners in the exhaust duct prior to the oxidation catalyst in order to increase 
the flue gas temperature.  While this is possible, additional fuel would need to be combusted in order to accommodate 
the temperature increase.  The combustion of fuel would result in additional emissions of all criteria pollutants.  As with 
the first option examined, while this option is technically feasible, this option is not practical and results in an emissions 
increase due to the additional fuel combustion.  As such, installing duct burners in the exhaust duct was deemed 
infeasible for this project. 
 
As previously stated, the RBLC indicated that boilers of comparable size did not include add-on control devices, but 
instead relied on good combustion practices and clean fuels to minimize CO emissions.  This combination of control 
techniques will result in CO emissions on the order to 0.082 lb/MMBtu. 
 
5.13.4 CO BACT Determination 
From a practical standpoint, add-on controls are not feasible for an auxiliary boiler of this size, and have therefore been 
eliminated as possible emissions reduction strategies.  BACT for the auxiliary boiler is therefore proposed as good 
combustion practices.  The use of good combustion practices will keep the emission of other criteria pollutants to low 
levels. 
 
5.14 EMERGENCY DIESEL FIRE PUMP 
The emergency fire pump will be fired by low sulfur diesel fuel.  This unit is limited in operation to 200 hours per year.  
The use of add-on controls has not been documented in the RBLC for emergency fire pumps such as this unit.  
However, SCR system and CO catalyst system vendors have indicated that these controls are available for the fire 
pump.  Low sulfur diesel fuel with a sulfur content of 0.05 percent or less will be used to control SO2 emissions.  Good 
combustion practices and proper maintenance procedures will be used to limit VOC and PM10 emissions.  
 
5.14.1 NOX Control Techniques 
NOX emissions on the diesel fire pump will be controlled by the use of ignition timing retard (ITR).  Further control of 
NOX may be accomplished with SCR.  A vendor has indicated that removal efficiency of NOX by SCR for this size unit is 
90 percent.  It was also indicated that the catalyst system was a dual system, and has catalyst beds to reduce both NOX 
and CO.  Consequently, the cost analysis presented herein represents the costs to install the dual catalyst system and 
reduce both CO and NOX.  The overall initial capital cost of installing an SCR/CO system on the fire pump is 
approximately $135,700 (Table 5-13).  Table 5-14 shows the annualized costs associated with an SCR/CO system on 
the fire pump.  On an annual basis, the SCR/CO system would cost $20,858, which results in a cost per ton of NOX and 
CO removed of $13,373 while removing only 1.28 tons of NOX per year.  The fire pump will only be capable of operating 
for 200 hours per year and this limited number of hours contributes to the economic infeasibility of an SCR/CO system 
on such a small unit. 
 
5.14.2 NOX BACT Determination 
Based on environmental, energy, and economic impacts, add-on controls have been removed as control options for the 
emergency diesel fire pump.  In addition, the RBLC does not list any add-on control devices for this size engine.  
Therefore, for the diesel fire pump, ITR in conjunction with low sulfur fuel and good combustion practices are 
proposed as BACT for NOX emissions. 







 


 


Table 5-13 
Emergency Diesel Fire Pump – Combined SCR and CO Capital Costs 


Item Value Basis 


irect Costs 


urchased Equipment Cost 
Equipment cost + auxiliaries [A] $68,800 A 
Instrumentation $6,880 0.10 x A 
Sales taxes $0 Pollution Control Equipment Exempt 


Freight $3,440 0.05 x A 


otal Purchased Equipment Cost (PEC) [B] $79,120 B = 1.15 x A 


 
irect Installation Costs  
Foundations and supports $6,330 0.08 x B 
Handling and erection $11,077 0.14 x B 
Electrical $3,165 0.04 x B 
Piping $1,582 0.02 x B 
Insulation for ductwork $791 0.01 x B 


Painting $791 0.01 x B 


Total Direct Installation Cost $23,736 0.30 x B 


Site Preparation (SP) $0 As required 
Buildings (Bldg.) $0 As required (5-18% PEC) 


 
otal Direct Cost (DC) $102,856 1.3B + SP + Bldg.  


 
ndirect Costs (Installation)  


 
Engineering $7,912 0.10 x B 
Construction and field expenses $3,956 0.05 x B 
Contractor fees $7,912 0.10 x B 
Start-up $1,582 0.02 x B 
Performance test $7,500 Stack Test Vendor  Quote 
Contingencies $3,956 0.05 x B 
Other $0 As required 


 
otal Indirect Cost (IC) $32,818 0.32B + Other  


 
otal Capital Investment (TCI) = DC + IC $135,674 1.62B + Performance Test 







 


 


Table 5-14 
Emergency Diesel Fire Pump – Combined SCR and CO Operating Costs 


Item Value Basis 


irect Annual Costs (DC) 
lectricity  
Press. Drop (in W.C.) 3.0 Pressure drop - catalyst bed 
Power output of Emergency Diesel Fire Pump 343 ISO Rating 
Power Loss Due to Pressure Drop (%) 0.30% 0.1% for every 1" pressure drop 
Power Loss Due to Pressure Drop (kW) 1.03  
Unit cost ($/kWh) $0.059 Estimated market value 


Cost of Power Loss ($/yr) $12.14 Based on operation of 200 hours/yr


Operating Labor  
Catalyst labor $780 1/2 hr/week @ $30/hr 
Ammonia delivery requirement (SCR) $240 8 hr/yr (1 deliveries per year) @ $30/hr 
Ammonia recordkeeping and reporting (SCR) $1,200 40 hours per year @ $30/hr 
Catalyst cleaning $1,200 40 hours per year @ $30/hr 
Supervisor $117 15% Operating labor 


otal Cost ($/yr) $3,537  


Ammonia  
Requirement (tons/yr) 0.30 32.5% aqueous ammonia @ $375/ton 
Unit  Cost ($/ton) $375 Estimate 


otal Cost ($/yr) $113  


rocess Air for SCR 
Requirement (scf/lb NH3) 350  
Requirement (mscf/yr) 210  
Unit Cost ($/mscf) $0.20 $0.20 per 1000 scf 


otal Cost ($/yr) $42  


atalyst Maintenance  
Catalyst system maintenance labor $780 1/2 hr/week @ $30/hr 
Ammonia system maintenance labor $1,560 1 hr/week @ $30/hr 
Material $2,340 100% of maintenance labor 


otal Cost ($/yr) $4,680  


atalyst Replacement  
Catalyst Cost ($) $13,800 Catalyst Modules 
Catalyst Disposal Cost ($) $1,380 Disposal of catalyst modules 
Catalyst replacement labor $960 32 hr/yr (8 workers, 40 hr, every 10 years) 
Sales Tax ($) $0 Pollution Control Equipment Exempt 
Catalyst Life (yrs) 10 n 
Interest Rate (%) 7.0%  i  
CRF 0.142 Amortization of catalyst for 10 yrs 


otal Cost ($/yr) $2,298 (Material + Labor Costs) * CRF


ndirect Annual Costs (IC) 
Overhead $0 OAQPS SCR Assumption 
Administrative charges $0 OAQPS SCR Assumption 
Annual Contingency $0 OAQPS SCR Assumption 
Property taxes $0 OAQPS SCR Assumption 
Insurance $0 OAQPS SCR Assumption 
Capital Recovery $10,177 CRF x TCI (40 yr life, 7% interest) 


otal Indirect Costs ($/yr) $10,177  


otal Annualized Costs (TAC) ($) $20,858  


otal Pollutants Controlled 
NOx (tons per year) 1.28 90% reduction based on 200 hrs/yr 
CO (tons per year) 0.28 90% reduction based on 200 hrs/yr 


OST EFFECTIVENESS  ($/ton) $13,373







 


 


5.14.3 CO Control Techniques 
The RBLC does not list CO add-on controls for engines of this size, however, a control vendor has indicated that a CO 
catalyst system may be used on a unit this size while burning diesel fuel.  The CO catalyst system is an add-on control 
that converts CO to CO2 by use of a catalyst. 
 
As previously stated, the vendor contacted indicated that a combined CO/NOX catalyst could be provided for this 
system, and all costs represent the combined system and the reductions of both pollutants associated with it.  A CO 
catalyst system for this sized unit would require an initial capital cost of $135,700.  The annual costs of operating this 
CO catalyst system would exceed $20,000.    On an annual basis, 0.28 tons per year of CO would be removed at a cost 
of $13,373 per ton (Tables 5-13 and 5-14).  This cost is considered infeasible, therefore, add-on controls for the 
emergency diesel fire pump are not considered BACT. 
 
5.14.4 CO BACT Determination 
From a practical standpoint, add-on controls are not economically feasible for an emergency diesel fire pump of this 
size, and have therefore been eliminated as possible emissions reduction strategies.  BACT for the fire pump is 
therefore proposed as good combustion practices.  The use of good combustion practices will keep the emission of 
other criteria pollutants to low levels, as well. 
 
5.15 CIRCULATING WATER BOOSTER PUMP 
The booster pump will be fired by low sulfur diesel fuel.  This unit is limited to operation 200 hours per year.  The use of 
add-on controls has not been documented in the RBLC for engines such as this.  However, SCR system and CO 
catalyst system vendors have indicated that these controls are available for the booster pump.  Low sulfur diesel fuel 
with a sulfur content of 0.05 percent or less will be used to control SO2 emissions.  Good combustion practices and 
proper maintenance procedures will be used to limit VOC and PM10 emissions. 
 
5.15.1 NOX Control Techniques 
NOX emissions on the booster pump will be controlled by the use of ITR.  Further control of NOX may be accomplished 
with SCR.  A vendor has indicated that removal efficiency of NOX by SCR for this size unit is 90 percent.  As with the 
emergency diesel fire pump, it was indicated that the catalyst system was a dual system, and has catalyst beds to 
reduce both NOX and CO.  Consequently, the cost analysis presented herein represents the costs to install the dual 
catalyst system and reduce both CO and NOX.  The overall initial capital cost of installing an SCR/CO system on the 
booster pump is approximately  $118,500 (Table 5-15).  Table 5-16 shows the annualized costs associated with an 
SCR/CO system on the booster pump.  On an annual basis, the SCR/CO system would cost $18,420, which results in a 
cost per ton of NOX removed of $20,588 while removing only 0.74 tons of NOX per year.  The booster pump will only be 
capable of operating for 200 hours per year and this limited number of hours contributes to the economic infeasibility of 
an SCR/CO system on such a small unit. 
 
5.15.2 NOX BACT Determination 
Based on environmental, energy, and economic impacts, add-on controls have been removed as control options for the 
booster pump.  In addition, the RBLC does not list any add-on control devices for this size engine.  Therefore, for the 
booster pump, ITR in conjunction with low sulfur fuel and good combustion practices are proposed as BACT 
for NOX emissions. 
 
5.15.3 CO Control Techniques 
The RBLC does not list CO add-on controls for engines of this size, however, a control vendor has indicated that a CO 
catalyst system may be used on a unit this size while burning diesel fuel.   
 
As previously stated, the vendor contacted indicated that a combined CO/NOX catalyst could be provided for this 
system, and all costs represent the combined system and the reductions of both pollutants associated with it.  A CO 
catalyst system for this sized unit would require an initial capital cost of $118,500.  The annual costs of operating this 
CO catalyst system would exceed $18,000.    On an annual basis, 0.16 tons per year of CO would be removed at a cost 
of $20,508 per ton (Tables 5-15 and 5-16).  This cost is considered infeasible, therefore, add-on controls for the 
emergency diesel fire pump are not considered BACT. 
 
5.15.4 CO BACT Determination 
From a practical standpoint, add-on controls are not economically feasible for a booster pump of this size, and have 
therefore been eliminated as possible emissions reduction strategies.  BACT for the booster pump is therefore 
proposed as good combustion practices.  The use of good combustion practices will keep the emission of other 
criteria pollutants to low levels, as well. 







 


 


Table 5-15 
Booster Pump – Combined SCR and CO Capital Costs 


Item Value Basis 


irect Costs 


urchased Equipment Cost 
Equipment cost + auxiliaries [A] $59,600 A 
Instrumentation $5,960 0.10 x A 
Sales taxes $0 Pollution Control Equipment Exempt 


Freight $2,980 0.05 x A 


otal Purchased Equipment Cost (PEC) [B] $68,540 B = 1.15 x A 


 
irect Installation Costs  
Foundations and supports $5,483 0.08 x B 
Handling and erection $9,596 0.14 x B 
Electrical $2,742 0.04 x B 
Piping $1,371 0.02 x B 
Insulation for ductwork $685 0.01 x B 


Painting $685 0.01 x B 


Total Direct Installation Cost $20,562 0.30 x B 


Site Preparation (SP) $0 As required 
Buildings (Bldg.) $0 As required (5-18% PEC) 


 
otal Direct Cost (DC) $89,102 1.3B + SP + Bldg.  


 
ndirect Costs (Installation)  


 
Engineering $6,854 0.10 x B 
Construction and field expenses $3,427 0.05 x B 
Contractor fees $6,854 0.10 x B 
Start-up $1,371 0.02 x B 
Performance test $7,500 Stack Test Vendor  Quote 
Contingencies $3,427 0.05 x B 
Other $0 As required 


 
otal Indirect Cost (IC) $29,433 0.32B + Other  


 
otal Capital Investment (TCI) = DC + IC $118,535 1.62B + Performance Test 







 


 


Table 5-16 
Booster Pump – Combined SCR and CO Operating Costs 


Item Value Basis 


irect Annual Costs (DC) 
lectricity  
Press. Drop (in W.C.) 3.0 Pressure drop - catalyst bed 
Power output of Emergency Diesel Fire Pump 198 ISO Rating 
Power Loss Due to Pressure Drop (%) 0.30% 0.1% for every 1" pressure drop 
Power Loss Due to Pressure Drop (kW) 0.59  
Unit cost ($/kWh) $0.059 Estimated market value 


Cost of Power Loss ($/yr) $7.00 Based on operation of 200 hours/yr


Operating Labor  
Catalyst labor $780 1/2 hr/week @ $30/hr 
Ammonia delivery requirement (SCR) $240 8 hr/yr (1 deliveries per year) @ $30/hr 
Ammonia recordkeeping and reporting (SCR) $1,200 40 hours per year @ $30/hr 
Catalyst cleaning $1,200 40 hours per year @ $30/hr 
Supervisor $117 15% Operating labor 


otal Cost ($/yr) $3,537  


Ammonia  
Requirement (tons/yr) 0.17 32.5% aqueous ammonia @ $375/ton 
Unit  Cost ($/ton) $375 Estimate 


otal Cost ($/yr) $64  


rocess Air for SCR 
Requirement (scf/lb NH3) 350  
Requirement (mscf/yr) 119  
Unit Cost ($/mscf) $0.20 $0.20 per 1000 scf 


otal Cost ($/yr) $24  


atalyst Maintenance  
Catalyst system maintenance labor $780 1/2 hr/week @ $30/hr 
Ammonia system maintenance labor $1,560 1 hr/week @ $30/hr 
Material $2,340 100% of maintenance labor 


otal Cost ($/yr) $4,680  


atalyst Replacement  
Catalyst Cost ($) $6,900 Catalyst Modules 
Catalyst Disposal Cost ($) $690 Disposal of catalyst modules 
Catalyst replacement labor $960 32 hr/yr (8 workers, 40 hr, every 10 years) 
Sales Tax ($) $0 Pollution Control Equipment Exempt 
Catalyst Life (yrs) 10 n 
Interest Rate (%) 7.0%  i  
CRF 0.142 Amortization of catalyst for 10 yrs 


otal Cost ($/yr) $1,217 (Material + Labor Costs) * CRF


ndirect Annual Costs (IC) 
Overhead $0 OAQPS SCR Assumption 
Administrative charges $0 OAQPS SCR Assumption 
Annual Contingency $0 OAQPS SCR Assumption 
Property taxes $0 OAQPS SCR Assumption 
Insurance $0 OAQPS SCR Assumption 
Capital Recovery $8,891 CRF x TCI (40 yr life, 7% interest) 


otal Indirect Costs ($/yr) $8,891  


otal Annualized Costs (TAC) ($) $18,420  


otal Pollutants Controlled 
NOx (tons per year) 0.74 90% reduction based on 200 hrs/yr 
CO (tons per year) 0.16 90% reduction based on 200 hrs/yr 







 


 


OST EFFECTIVENESS  ($/ton) $20,508
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DATE: June 30, 2004 FILE REF: 4530 


FID: 737009020 
TO: Raj Vakharia – AM/7 
 
FROM: John Roth – AM/7 
 
SUBJECT: Revised Air Dispersion Analysis for a PSD Permit for Wisconsin Public Service Corporation Weston Generating 


Station – Rothschild (Marathon County) – South Site 
 
 


A. INTRODUCTION 


 
Wisconsin Public Service (WPS), has submitted to the Wisconsin Department of Natural Resources (WDNR) an air permit 
application that served as a Prevention of Significant Deterioration (PSD) permit application.  The application is for the 
proposed construction of a new 500-megawatt coal fired unit at the existing WPS Weston Generating Station.  The proposed 
Unit 4 will also include associated coal and material handling equipment, an auxiliary boiler, an emergency diesel generator, 
and one emergency diesel fire water pump.  
 
Based on potential to emit, PSD review is applicable to project emissions of particulate matter (PM/PM10), sulfur dioxide (SO2), 
nitrogen oxides (NOx), carbon monoxide (CO), and VOC. 
 


RECOMMENDATION 
 
Assuming the emission rates, building dimensions, and stack parameters given in Tables 1 and 2, ambient air quality 
standards will be attained and maintained for total suspended particulates (TSP), PM10, SO2, NOx, CO, lead (Pb), and 
ammonia (NH3).  In addition, the ambient air concentration limit for mercury (Hg) in Chapter NR 446, Wisconsin Administrative 
Code will be met, and the PSD Class II increments will be protected for SO2, PM10, and NOx. 
 


LOCATION 
 
WPS Weston Unit 4 will located at the existing Weston Generating Station, adjacent to the Wisconsin River at Morrison Road, 
Rothschild (Marathon County), Wisconsin.  The Weston Generating Station is a base load facility currently operating three coal 
boilers and three fuel oil turbines to produce electricity.  The area is currently in attainment for all criteria pollutants, and the 
PSD baselines for SO2, PM10, and NOx for Marathon County were established in 1987, 1987, and 1993 respectively. 
 
D. MODELING ANALYSIS 
 
 WPS, via a report from Burns and McDonnell, provided the stack parameters, emission rates, and building dimensions 


used in this analysis.  Bureau of Air Management review engineer Raj Vakharia verified the data, with the data in Tables 1 
and 2 reflecting the WDNR analysis.  The proposed Unit 4 (S04) was analyzed at four load conditions (100%, 75%, 50%, 
25%) and the highest impact recorded. Please note that building dimensions for the other sources in the area 
(Weyerhaeuser, Foremost Farms, Wausau Tile, and Mosinee Paper) were included in the WDNR analysis. 


 
 Five years (1977-1981) of preprocessed meteorological data was used in this analysis.  The surface data was collected in 


Wausau, and the upper air meteorological data originated in Green Bay. 
 
 The Industrial Source Complex Short Term 3 (ISCST3) model was used in the analysis.  The model used rural dispersion 


coefficients with the regulatory default options.  These allow for calm wind correction, buoyancy induced dispersion, and 
building downwash. 


 
 A rectangular grid centered on the facility and consisting of approximately 7,200 points was used in the analysis.  The 


receptors were placed every 50 meters around the fence line of the facility and in a 50 meter spaced grid extending to 3 
kilometers.  Surrounding this is a 250 meter spaced grid extending to 6 kilometers, and a 1000-meter spaced grid 
extending to 12 kilometers.  Terrain elevations were derived from digitized USGS maps of the area. 


 
The submittal from WPS indicated that there were potential modeled exceedances on the property of Wausau Tile, 
Weyerhaeuser, and Foremost Farms.  The impact of WPS Weston was determined to be insignificant for these 
exceedances.  The points in question fall within fence lines for the respective facility and the definition of ambient air is not 
met.  So these points were removed from the analysis. 


 
 Building downwash information was derived from the Building Profile Input Program (BPIP) using measurements 


taken on plot plans provided with the application.  
 


State of Wisconsin
CORRESPONDENCE/MEMORANDUM







 


 


 This revised analysis was necessary due to corrections to the stack heights of S28 and S41. 
 
 
E. PSD PRECONSTRUCTION MONITORING 
 
The modeling analysis predicts that the impact of the new and modified sources at WPS Weston will exceed the monitoring 
deminimis level for NOx, PM10, and SO2.  The WDNR has monitored for these pollutants in the area, and this data can serve to 
estimate pre-construction air quality. 
 
F. NONATTAINMENT AREA ANALYSIS 
 
WPS Weston is located in an area that is currently in attainment for all criteria pollutants.  The nearest PM/TSP nonattainment 
area is located in a portion of the City of Milwaukee, approximately 200 kilometers southeast of the site.  The nearest ozone 
nonattainment area is located in Kewaunee County, approximately 130 kilometers east of the site. 
 
G. PSD INCREMENT ANALYSIS 
 
The new WPS Unit 4 sources were modeled to determine the area of significant impact for the criteria pollutants, and it was 
discovered that concentrations of NOx, SO2 and PM/PM10 were above significant impact levels, so an increment analysis was 
performed.   Additional increment consuming sources at WPS Weston were considered and all parameters are listed in Tables 
1 and 2.  Other increment consuming sources exist in the area and are included in the analysis.  The maximum impact, as 
shown in Table 3, will be below the PSD Class II increments for all pollutants. 
 
H. NAAQS ANALYSIS 
 
All the emissions from WPS Weston were considered in this analysis.  Other sources exist nearby and these sources were 
included.  Please refer to Tables 1 and 2 for additional source parameters.  
 
The maximum impact of all the sources listed in Table 5 will attain and maintain NAAQS for SO2, PM10, CO, NOx, and Pb, and 
will satisfy Wisconsin’s ambient air quality standards for TSP, Hg, and NH3.  The regional background concentrations for the 
criteria pollutants listed in Table 4 were derived from several years of monitoring data collected at the sites listed. 
 
I. ADDITIONAL IMPACTS ANALYSIS 
 
 Growth Impacts 


 
The construction of WPS Unit 4 will not result in a significant increase in the permanent workforce in the area.   In addition, 
materials transportation, equipment, and supplies will be needed, but this is not expected to have a measurable effect on 
residential, commercial, or industrial growth. 


 
 Soils and Vegetation Impacts 


 
Since the modeled impacts from the modification meet the secondary ambient air quality standards, no vegetative impacts 
due to emissions from the project, or as a result of associated growth, are expected. 


 
 Visibility Impairment Analysis 


 
Any facility emitting SO2, PM/PM10, and/or NOx may have a potential adverse impact on visibility through atmospheric 
discoloration or reduction of visual range due to increased haze.  The Clean Air Act Amendments require evaluation of 
visibility impairment in the vicinity of PSD Class I area due to emissions from new or modified air pollution sources.  Since 
there are no PSD Class I areas within 100 kilometers of the site, visibility impacts on distant Class I areas are negligible. 
 
Near the proposed project site, under certain meteorological conditions, the stacks will emit a visible steam plume that, 
after traveling a relatively short distance, will dissipate by dispersion and evaporation.  A visible steam plume can be 
expected to occur when ambient air temperatures are relatively low with respect to plume temperature, thus promoting 
plume cooling and condensation, and ambient humidity levels are relatively high, preventing evaporation of the water in 
the plume.  The persistence of the plume is dependent upon wind speed and the time required for evaporation. 
 


J. CONCLUSIONS 
 
Assuming the emission rates and stack parameters listed in Tables 1 and 2, the impact of the proposed construction of Unit 4, 
and its associated equipment, at the WPS Weston Generating Station in Rothschild will not cause an exceedance of the PSD 
Class II increments or State or Federal ambient air quality standards as shown by the results in Tables 3 and 5. 
 
Wisconsin Public Service may be permitted to construct Unit 4 according to the submittals provided, so long as all the 
conditions in Tables 1 and 2 are met, and fence lines are constructed according to plan. 
 
 







 


 


 


TABLE 1 
WPS Weston - Rothschild 


Point Source Stack Parameters 


ID 
LOCATION 


(UTM) 
HEIGHT 


(M) 
HEIGHT 


(ft) 
DIA. 
(M) 


DIA. 
(ft) 


VELOCITY 
(M/S) 


TEMP 
(K) 


S01 290231, 4970749 73.76 242.00 3.62 11.89 8.31 419.8 


S02 290213, 4970724 73.76 242.00 3.62 11.89 12.29 427.9 


S03 290570, 4970357 151.18 496.00 4.88 16.00 28.29 412.0 


S04_100 290308, 4969457 152.40 500.00 6.10 20.00 22.86 350.4 


S04_75 290308, 4969457 152.40 500.00 6.10 20.00 18.58 350.4 


S04_50 290308, 4969457 152.40 500.00 6.10 20.00 14.29 350.4 


S04_25 290308, 4969457 152.40 500.00 6.10 20.00 10.00 350.4 


S11 290246, 4970459 9.20 30.17 2.57 8.42 34.27 774.8 


S12 290163, 4970679 7.01 23.00 2.46 8.06 48.15 983.2 


S13 290168, 4970685 7.01 23.00 2.46 8.06 48.15 983.2 


S21 290254, 4970757 38.10 125.00 0.43 1.40 0.10 483.2 


S22 290592, 4970435 70.10 230.00 1.52 5.00 3.881 438.61 


S23 290268, 4970560 0.00 0.00 3.37 11.07 0.19 588.7 


S24A 290385, 4970170 16.58 54.38 10.42 34.20 8.08 319.6 


S24B 290383, 4970160 16.58 54.38 10.42 34.20 8.08 319.6 


S24C 290381, 4970151 16.58 54.38 10.42 34.20 8.08 319.6 


S24D 290379, 4970141 16.58 54.38 10.42 34.20 8.08 319.6 


S24E 290378, 4970131 16.58 54.38 10.42 34.20 8.08 319.6 


S24F 290376, 4970121 16.58 54.38 10.42 34.20 8.08 319.6 


S24G 290374, 4970111 16.58 54.38 10.42 34.20 8.08 319.6 


S24H 290373, 4970101 16.58 54.38 10.42 34.20 8.08 319.6 


S25 290134, 4969508 77.72 255.00 1.22 4.00 47.78 612.6 


S26A 289912, 4969764 15.24 50.00 10.42 34.20 6.58 315.9 


S26B 289916, 4969749 15.24 50.00 10.42 34.20 6.58 315.9 


S26C 289921, 4969735 15.24 50.00 10.42 34.20 6.58 315.9 


S26D 289925, 4969721 15.24 50.00 10.42 34.20 6.58 315.9 


S26E 289929, 4969708 15.24 50.00 10.42 34.20 6.58 315.9 


S26F 289933, 4969693 15.24 50.00 10.42 34.20 6.58 315.9 


S26G 289930, 4969769 15.24 50.00 10.42 34.20 6.58 315.9 


S26H 289934, 4969754 15.24 50.00 10.42 34.20 6.58 315.9 


S26I 289937, 4969739 15.24 50.00 10.42 34.20 6.58 315.9 


S26J 289942, 4969725 15.24 50.00 10.42 34.20 6.58 315.9 


S26K 289945, 4969712 15.24 50.00 10.42 34.20 6.58 315.9 


S26L 289949, 4969697 15.24 50.00 10.42 34.20 6.58 315.9 


S27 290133, 4969492 9.14 30.00 0.20 0.67 0.10 722.0 


S28 289999, 4969633 10.67 35.00 0.25 0.83 0.10 672.0 


S30 290469, 4970119 7.62 25.00 0.66 2.17 10.47 -1.0 


S41 290397, 4970032 19.81 65.00 1.17 3.83 11.00 -1.0 


S42 290330, 4969837 28.96 95.00 0.66 2.17 10.47 -1.0 


        







 


 


 


TABLE 1 
WPS Weston - Rothschild 


Point Source Stack Parameters 


ID 
LOCATION 


(UTM) 
HEIGHT 


(M) 
HEIGHT 


(ft) 
DIA. 
(M) 


DIA. 
(ft) 


VELOCITY 
(M/S) 


TEMP 
(K) 


S43 290167, 4969554 79.25 260.00 1.47 4.83 10.27 -1.0 


S44 290225, 4969399 21.34 70.00 0.20 0.67 14.55 -1.0 


S45 290234, 4969451 13.72 45.00 0.36 1.17 11.88 -1.0 


S46 290225, 4969461 7.62 25.00 0.41 1.33 0.10 366.5 


S47 290227, 4969460 7.62 25.00 0.41 1.33 0.10 366.5 


S48 290229, 4969459 7.62 25.00 0.41 1.33 0.10 366.5 


S49 290197, 4969485 30.48 100.00 0.46 1.50 0.10 338.7 


S50 290227, 4969382 33.53 110.00 0.56 1.83 0.10 338.7 


S51A 290333, 4970779 7.16 23.49 0.25 0.83 45.07 721.92 


S51B 290333, 4970779 7.16 23.49 0.25 0.83 45.07 721.92 


S52A 290335, 4970782 7.16 23.49 0.25 0.83 45.07 721.92 


S52B 290336, 4970783 7.16 23.49 0.25 0.83 45.07 721.92 


S53A 290338, 4970787 7.16 23.49 0.25 0.83 45.07 721.92 


S53B 290339, 4970787 7.16 23.49 0.25 0.83 45.07 721.92 


S54A 290341, 4970791 7.16 23.49 0.25 0.83 45.07 721.92 


S54B 290342, 4970791 7.16 23.49 0.25 0.83 45.07 721.92 


S55A 290344, 4970794 7.16 23.49 0.25 0.83 45.07 721.92 


S55B 290345, 4970795 7.16 23.49 0.25 0.83 45.07 721.92 


EXHIBIT AS
61 289993, 4969517 11.28 37.00 0.61 2.00 4.85 -1.0 


S62 290366, 4969282 11.28 37.00 0.61 2.00 4.85 -1.0 


S63 290374, 4969343 4.42 14.50 0.25 0.83 1.74 727.6 


S64 290374, 4969343 4.42 14.50 0.25 0.83 1.74 727.6 


S65 290179, 4969465 22.09 72.47 0.20 0.67 14.55 -1.0 


S66 290183, 4969472 22.09 72.47 0.20 0.67 14.55 -1.0 


DC1 290813, 4970178 6.40 21.00 1.60 5.26 0.10 -1.0 


DC2 290827, 4970178 6.40 21.00 1.60 5.26 0.10 -1.0 


DC3 290708, 4970190 19.81 65.00 0.69 2.26 0.10 -1.0 


DC4 290490, 4970313 21.34 70.00 0.81 2.67 0.10 -1.0 


DC5 290493, 4970318 21.34 70.00 0.82 2.69 0.10 -1.0 


DC6 290515, 4970312 10.67 35.00 0.20 0.67 0.10 -1.0 


DC7 290696, 4970465 61.87 203.00 1.26 4.12 0.10 -1.0 


DC8 290704, 4970462 61.87 203.00 1.26 4.12 0.10 -1.0 


DC9 290329, 4970670 15.24 50.00 0.66 2.17 0.10 -1.0 


DC10 290343, 4970689 9.30 30.50 0.61 2.00 0.10 -1.0 


DC11 290233, 4970762 33.53 110.00 0.81 2.67 13.28 -1.0 


DC12 290547, 4970400 9.91 32.50 0.30 1.00 0.10 310.9 


DC13 290540, 4970402 27.43 90.00 0.38 1.26 0.10 -1.0 


DC14 290170, 4970631 8.53 28.00 0.20 0.67 0.10 310.9 


DC15 290167, 4970634 31.70 104.00 0.51 1.67 0.10 -1.0 







 


 


        


        


TABLE 1 
WPS Weston - Rothschild 


Point Source Stack Parameters 


ID 
LOCATION 


(UTM) 
HEIGHT 


(M) 
HEIGHT 


(ft) 
DIA. 
(M) 


DIA. 
(ft) 


VELOCITY 
(M/S) 


TEMP 
(K) 


DC16 290492, 4970434 10.06 33.00 0.29 0.94 0.1 -1.0 


c) Weyerhaeuser – Rothschild Sources 


WY10 292695, 4974003 21.35 70.05 2.13 7.00 7.93 444.3 


WY11 292700, 4974014 42.67 140.00 2.13 7.00 10.31 444.3 


WY12 292726, 4974039 30.48 100.00 2.13 7.00 8.02 385.9 


WY13 292733, 4974035 19.81 65.00 1.46 4.79 11.49 444.3 


WY50 292725, 4973977 37.48 123.00 0.52 1.71 11.11 285.9 


WY51 292723, 4973990 2.13 7.00 1.25 4.10 0.1 291.5 


WY52 292734, 4973989 20.12 66.00 0.24 0.79 10.43 288.7 


WY53 292680, 4973985 10.67 35.00 0.36 1.18 0.1 349.8 


WY56 292608, 4973977 7.32 24.00 0.29 0.95 0.10 288.7 


WY54290
3 


292633, 4973959 17.07 56.00 0.72 2.36 0.10 298.0 


WY54290
2 


292631, 4973968 3.05 10.00 0.05 0.16 0.10 299.8 


WY54300
1 


292651, 4973977 20.12 66.00 1.52 5.00 0.10 299.8 


WY54300
3 


292646, 4973985 2.43 7.97 1.22 4.00 0.10 299.8 


WY54330
7 


292663, 4973999 3.05 10.00 0.15 0.49 0.10 299.8 


WY54290
8 


292666, 4973953 18.29 60.00 0.57 1.87 3.74 299.8 


WY54290
7 


292664, 4973950 18.29 60.00 0.71 2.33 8.93 299.8 


WY80 292162, 4973525 4.57 15.00 117.6 385.8 0.1 305.4 


WY82 292597,4973962 1.83 6.00 0.46 1.51 0.1 294.3 


WY44 292638, 4974006 12.19 40.00 1.22 4.00 6.06 288.7 


WY32 292687, 4973811 17.68 58.00 0.15 0.49 19.40 288.7 


WY22 292697, 4974036 13.72 45.00 0.46 1.51 28.75 279.3 


WY21 292916, 4974123 15.24 50.00 0.46 1.51 10.35 279.3 


WY20 292680, 4974006 9.14 30.00 0.91 3.00 1.94 366.5 


WY43 292350, 4973670 7.62 25.00 0.46 1.51 43.12 294.3 


WY45 292656, 4974023 9.75 32.00 0.91 3.00 0.10 294.6 


WY90 292534, 4973712 10.15 33.30 1.75 5.74 0.10 291.5 


d) Lignotech – Rothschild Sources 


L16 292778, 4973990 24.38 80.00 1.07 3.51 16.90 316.5 


L17 292803, 4974017 22.71 74.50 0.91 3.00 31.62 310.9 


L22 292781, 4974070 11.58 38.00 0.09 0.30 0.10 294.0 


L26 292780, 4973998 10.67 35.00 0.15 0.49 8.93 338.6 


L27 292802, 4974063 21.95 72.00 0.30 0.98 6.47 311.9 


L29 292835, 4974073 27.43 90.00 0.10 0.33 0.50 319.1 







 


 


e) Foremost Farms – Rothschild Sources 


FF01 291276, 4971201 18.29 60.00 1.40 4.59 1.68 455.2 


FF02 291272, 4971197 18.29 60.00 0.71 2.33 10.72 455.2 


FF03A 291265, 4971233 19.20 63.00 0.91 2.99 14.38 321.9 


        


        


TABLE 1 
WPS Weston – Rothschild 


Point Source Stack Parameters 


ID 
LOCATION 


(UTM) 
HEIGHT 


(M) 
HEIGHT 


(ft) 
DIA. 
(M) 


DIA. 
(ft) 


VELOCITY 
(M/S) 


TEMP 
(K) 


FF03B 291263, 4971236 19.20 63.00 0.91 3.00 14.38 321.9 


FF03C 291259, 4971236 14.02 46.00 0.54 1.77 0.10 338.6 


FF03D 291256, 4971238 14.94 49.00 0.51 1.67 0.10 321.9 


FF03E 291256, 4971243 10.97 36.00 0.37 1.21 0.10 333.0 


FF04A 291248, 4971243 10.97 36.00 0.77 2.53 0.10 333.0 


FF04B 291246, 4971247 10.97 36.00 0.46 1.51 0.10 358.0 


FF05A 291279, 4971222 19.20 63.00 0.91 3.00 17.97 321.9 


FF05B 291277, 4971226 19.20 63.00 0.91 3.00 17.97 321.9 


FF05C 291285, 4971226 14.02 46.00 0.80 2.62 0.10 333.0 


FF05D 291280, 4971225 14.32 47.00 1.09 3.58 0.10 321.9 


FF05E 291281, 4971232 14.32 47.00 0.52 1.71 0.10 308.0 


f) Wausau Tile – Rothschild Sources 


WT01 292730, 4971621 7.24 23.75 1.07 3.51 11.60 294.0 


WT02 292727, 4971647 5.49 18.00 0.76 2.49 7.50 294.0 


WT03 292769, 4971647 5.49 18.00 0.76 2.49 1.80 294.0 


WT10 292831, 4971712 3.00 9.84 0.50 1.64 7.20 297.0 


WT11 292805, 4971717 9.00 29.53 0.20 0.66 7.20 305.0 


g) Mosinee Paper – Mosinee Sources 


MP10 287377, 4962573 64.92 213.00 2.59 8.50 14.59 449.1 


MP11 287341, 4962473 35.97 118.00 1.65 5.41 24.40 468.0 


 
Note #1: For S22, the velocity and temperature as determined by stack testing was used in place of the submitted values. 
 
Note #2: For S51A-S55B the temperature as determined by stack testing was used in place of the submitted values. 
 
General Note: Sources in BOLD consume increment.  Sources in BOLD underline are the new proposed equipment 
associated with WPS Weston Unit 4. 
 







 


 


 


TABLE 1 
WPS Weston – Rothschild 


Volume Source Stack Parameters 


ID 
LOCATION 


(UTM) 
HEIGHT 


(M) 
HEIGHT 


(ft) 
Initial SIGMA-Y 


(M) 
Initial SIGMA-Z 


(M) 


S33M 290542, 4970425 6.103 20.00 5.7 2.83 


S38L 290042, 4969959 6.103 20.00 5.7 2.83 


S40 290496, 4970136 1.52 5.00 0.7 0.35 


S56M 290542, 4970425 6.103 20.00 5.7 2.83 


S57M 290542, 4970425 6.103 20.00 5.7 2.83 


Road 1 
Multiple Paved Road 


Sources 
1.00 3.30 8.51 1.42 


Road 2 
Multiple Paved Road 


Sources 
1.00 3.30 8.51 1.42 


Road 3 
Multiple Paved Road 


Sources 
1.00 3.30 8.51 1.42 


Road 4 
Multiple Paved Road 


Sources 
1.00 3.30 8.51 1.42 


Road 5 
Multiple Paved Road 


Sources 
1.00 3.30 8.51 1.42 


Road 6 
Multiple Paved Road 


Sources 
1.00 3.30 8.51 1.42 


Road 7 
Multiple Paved Road 


Sources 
1.00 3.30 8.51 1.42 


EXHIBIT A
OAD 12 Multiple Paved Road 


Sources 
1.00 3.30 8.51 1.42 


Sroad 1 
Multiple Paved Road 


Sources 
1.00 3.30 8.51 1.42 


Sroad 2 
Multiple Paved Road 


Sources 
1.00 3.30 8.51 1.42 


Sroad 3 
Multiple Paved Road 


Sources 
1.00 3.30 8.51 1.42 


Sroad 4 
Multiple Paved Road 


Sources 
1.00 3.30 8.51 1.42 


Sroad 5 
Multiple Paved Road 


Sources 
1.00 3.30 8.51 1.42 


Sroad 6 
Multiple Paved Road 


Sources 
1.00 3.30 8.51 1.42 


 
Note #3: The height of the pile maintenance sources was set to one-half of the pile height, as that would be the center of 
volume. 
 
 


TABLE 1 
WPS Weston – Rothschild 


Area Source Stack Parameters 


ID 
LOCATION 


(UTM) 
HEIGHT 


(M) 
HEIGHT 


(ft) 
X-INIT 


(M) 
Y-INIT 


(M) 
ANGLE 
(deg) 


S33A4 290656, 4970070 12.19 40.00 50.2 50.18 32.00 


S33D4 290496, 4969910 12.19 40.00 141.6 213.36 32.00 


S384 289961, 4969984 12.19 40.00 134.5 134.54 32.00 


S56A4 290509, 4970162 12.19 40.00 48.8 48.83 32.00 


S56D4 290381, 4969982 12.19 40.00 134.1 213.36 32.00 


S574 290572, 4970125 12.19 40.00 81.2 81.22 32.00 


 







 


 


Note #4: For the area sources, the vertical term (sigma-z) modeled by the consultant was removed from the WDNR analysis. 
 
 


TABLE 2 
WPS Weston – Rothschild 


Emission Rates 


ID 
TSP 


(#/HR) 
PM10 


(#/HR) 
SO2 


(#/HR) 
NOx 


(#/HR) 
CO 


(#/HR) 
Pb 


(#/HR) 
Hg 


(#/HR) 
NH3 


(#/HR) 


S01 154.44 154.44 1,3 1079.5 30.80 0.022 0.014 - 


S02 180.00 180.00 1,3 1258.0 35.90 0.025 0.016 - 


S03 395.00 395.00 4740.00 2734.2 140.0 0.10 0.021 - 


S04_100 103.52 103.52 362.4 776.4 0.13 0.0088 55.52 


S04_75 77.64 77.64 2,3 271.8 582.3 0.13 0.0066 55.52 


S04_50 51.76 51.76 2,3 181.2 388.2 0.13 0.0044 55.52 


S04_25 25.88 25.88 2,3 90.59 194.1 0.13 0.0022 55.52 


S11 4.74 4.74 19.95 347.6 32.39 0.0035 1.20E-03 - 


S12 5.21 5.21 21.92 163.4 35.59 0.0039 1.30E-03 - 


S13 5.21 5.21 21.92 163.4 35.59 0.0039 1.30E-03 - 


S21 0.16 0.16 0.34 0.96 0.24 5.90E-05 2.00E-05 - 


S22 0.80 0.80 0.05 0.63 1.68 0.0010 3.40E-04 - 


S23 0.28 0.28 0.99 0.38 0.70 1.70E-04 5.80E-05 - 


S24A 0.90 0.90 - - - - - - 


S24B 0.90 0.90 - - - - - - 


S24C 0.90 0.90 - - - - - - 


S24D 0.90 0.90 - - - - - - 


S24E 0.90 0.90 - - - - - - 


S24F 0.90 0.90 - - - - - - 


S24G 0.90 0.90 - - - - - - 


S24H 0.90 0.90 - - - - - - 


S25 1.71 1.71 0.14 5.25 18.92 8.84E-08 5.86E-05 - 


S26A 0.31 0.31 - - - - - - 


S26B 0.31 0.31 - - - - - - 


S26C 0.31 0.31 - - - - - - 


S26D 0.31 0.31 - - - - - - 


S26E 0.31 0.31 - - - - - - 


S26F 0.31 0.31 - - - - - - 


S26G 0.31 0.31 - - - - - - 


S26H 0.31 0.31 - - - - - - 


S26I 0.31 0.31 - - - - - - 


S26J 0.31 0.31 - - - - - - 


S26K 0.31 0.31 - - - - - - 


S26L 0.31 0.31 - - - - - - 


S27 0.58 0.58 0.54 0.19 1.77 5.90E-06 2.00E-06 - 


S28 1.01 1.01 0.94 0.33 3.07 1.03E-05 3.50E-06 - 


S30 0.79 0.79 - - - - - - 







 


 


S41 2.59 2.59 - - - - - - 


        


        


        


TABLE 2 
WPS Weston – Rothschild 


Emission Rates 


ID 
TSP 


(#/HR) 
PM10 


(#/HR) 
SO2 


(#/HR) 
NOx 


(#/HR) 
CO 


(#/HR) 
Pb 


(#/HR) 
Hg 


(#/HR) 
NH3 


(#/HR) 


S42 0.79 0.79 - - - - - - 


S43 3.84 3.84 - - - - - - 


S44 0.10 0.10 - - - - - - 


S45 0.26 0.26 - - - - - - 


S46 0.65 0.65 - - - - - - 


S47 0.65 0.65 - - - - - - 


S48 0.65 0.65 - - - - - - 


S49 0.83 0.83 - - - - - - 


S50 1.12 1.12 - - - - - - 


S51A 0.50 0.50 0.18 6.524 5.00 5.00E-05 1.70E-05 - 


S51B 0.50 0.50 0.18 6.524 5.00 5.00E-05 1.70E-05 - 


S52A 0.50 0.50 0.18 6.524 5.00 5.00E-05 1.70E-05 - 


S52B 0.50 0.50 0.18 6.524 5.00 5.00E-05 1.70E-05 - 


S53A 0.50 0.50 0.18 6.524 5.00 5.00E-05 1.70E-05 - 


S53B 0.50 0.50 0.18 6.524 5.00 5.00E-05 1.70E-05 - 


S54A 0.50 0.50 0.18 6.524 5.00 5.00E-05 1.70E-05 - 


S54B 0.50 0.50 0.18 6.524 5.00 5.00E-05 1.70E-05 - 


S55A 0.50 0.50 0.18 6.524 5.00 5.00E-05 1.70E-05 - 


S55B 0.50 0.50 0.18 6.524 5.00 5.00E-05 1.70E-05 - 


S61 0.065 0.065 - - - - - - 


S62 0.065 0.065 - - - - - - 


S63 0.01 0.006 0.0004 0.073 0.06 2.88E-10 1.91E-07 - 


S64 0.01 0.006 0.0004 0.073 0.06 2.88E-10 1.91E-07 - 


S65 0.21 0.21 - - - - - - 


S66 0.21 0.21 - - - - - - 


DC1 0.0026 0.0012 - - - - - - 


DC2 0.0026 0.0012 - - - - - - 


DC3 0.0052 0.0024 - - - - - - 


DC4 0.19 0.092 - - - - - - 


DC5 0.19 0.092 - - - - - - 


DC6 0.0019 0.0009 - - - - - - 


DC7 0.0039 0.0018 - - - - - - 


DC8 0.0039 0.0018 - - - - - - 


DC9 0.065 0.031 - - - - - - 


DC10 0.17 0.079 - - - - - - 


DC11 0.0025 0.0012 - - - - - - 


DC12 0.040 0.014 - - - - - - 







 


 


        


        


       


TABLE 2 
WPS Weston – Rothschild 


Emission Rates 


ID 
TSP 


(#/HR) 
PM10 


(#/HR) 
SO2 


(#/HR) 
NOx 


(#/HR) 
CO 


(#/HR) 
Pb 


(#/HR) 
Hg 


(#/HR) 
NH3 


(#/HR) 


DC13 0.50 0.50 - - - - - - 


DC14 0.02 0.0068 - - - - - - 


DC15 0.02 0.0068 - - - - - - 


DC16 0.08 0.0272 - - - - - - 


WY10 2.90 
1.43 (1.16) 


5 
10.14 


50.40 
(25.83) 5 


17.00 - - - 


WY11 72.00 
7.50 (4.53) 


5 
3.00 


71.00 
(43.02) 5 


64.00 - - - 


WY12 2.90 
1.43 (1.16) 


5 
10.14 


50.40 
(25.83) 5 


17.00 - - - 


WY13 2.14 
1.07 (0.92) 


5 
8.88 


37.80 
(23.54) 5 


13.00 - - - 


WY50 0.65 
0.65 (0.65) 


5 
38.00 - - - - - 


WY51 - - 
0.14 (0.005)


5 
- - - - - 


WY52 0.50 
0.50 (0.50) 


5 
- - - - - - 


WY53 - - 0.06 (0.06) 5 - - - - - 


WY56 0.72 0.72 - - - - - - 


WY5429
03 


0.016 
0.009 


(0.009) 5 
0.50 (-) - - - - - 


WY5429
02 


- - 0.01 (0.01) 5 - - - - - 


WY5430
01 


0.010 
0.006 


(0.006) 5 
2.52 (1.93) 5 - - - - - 


WY5430
03 


0.004 
0.002 


(0.002) 5 
1.01 (0.78) 5 - - - - - 


WY5433
07 


0.005 
0.003 


(0.003) 
1.13 (0.85) 5 - - - - - 


WY5429
08 


0.001 
0.0005 


(0.0005) 5 
0.60 (0.54) 5 - - - - - 


WY5429
07 


0.003 
0.002 


(0.002) 5 
0.53 (0.33) 5 - - - - - 


WY80 - - 0.67 - - - - - 


WY82 - - 1.63 (0.31) 5 - - - - - 


WY44 0.78 
0.43 (0.43) 


5 
- - - - - - 


WY32 0.41 0.41 - - - - - - 


WY22 0.027 0.013 - - - - - - 


WY21 0.059 0.028 - - - - - - 


WY20 1.33 1.33 - - - - - - 


WY43 1.41 0.78 - - - - - - 


WY45 0.30 0.17 - - - - - - 


WY90 0.91 0.91 - - - - - - 


L16 12.75 12.75 - 0.70 (0.70) 5 - - - - 







 


 


L17 4.00 4.00 - 2.30 (2.30) 5 - - - - 


L22 - - 5.00 - - - - - 


L26 - - 0.62 - - - - - 


L27 - - 3.80 - - - - - 


L29 - - 10.00 - - - - - 


FF01 0.99 0.99 21.30 12.00 7.06 - - - 


FF02 0.67 0.67 11.81 4.07 4.07 - - - 


FF03A 3.00 3.00 - 1.14 0.61 - - - 


        


        


TABLE 2 
WPS Weston – Rothschild 


Emission Rates 


ID 
TSP 


(#/HR) 
PM10 


(#/HR) 
SO2 


(#/HR) 
NOx 


(#/HR) 
CO 


(#/HR) 
Pb 


(#/HR) 
Hg 


(#/HR) 
NH3 


(#/HR) 


FF03B 3.00 3.00 - 1.14 0.61 - - - 


FF03C 0.50 0.50 - 0.30 - - - - 


FF03D 0.50 0.50 - 0.30 - - - - 


FF03E 0.50 0.50 - 0.12 - - - - 


FF04A 0.50 0.50 - 0.26 0.15 - - - 


FF04B 0.50 0.50 - 0.36 0.15 - - - 


FF05A 6.00 6.00 - 0.93 0.39 - - - 


FF05B 6.00 6.00 - 0.93 0.39 - - - 


FF05C 0.50 0.50 - 0.64 0.39 - - - 


FF05D 0.70 0.70 - 0.41 - - - - 


FF05E 0.30 0.30 - - - - - - 


WT01 0.40 0.40 - - - - - - 


WT02 0.02 0.02 - - - - - - 


WT03 0.03 0.03 - - - - - - 


WT10 0.08 0.08 - - - - - - 


WT11 0.09 0.09 - 1.22 1.02 - - - 


MP10 24.00 24.00 1135.7 219.4 109.80 - - - 


MP11 13.70 13.70 242.1 28.10 120.90 - - - 


S33M 0.449 0.143 - - - - - - 


S38L 0.0087 0.0041 - - - - - - 


EXHIBIT A
40 0.484 0.229 - - - - - - 


S56M 0.363 0.229 - - - - - - 


S57M 0.449 0.143 - - - - - - 


Road 1 2.19 0.43 - - - - - - 


Road 2 0.11 0.02 - - - - - - 


Road 3 0.24 0.05 - - - - - - 


Road 4 0.75 0.15 - - - - - - 


Road 5 0.72 0.14 - - - - - - 


Road 6 0.10 0.02 - - - - - - 







 


 


Road 7 2.12 0.41 - - - - - - 


EXHIBIT B
OAD12 0.09 0.02 - - - - - - 


Sroad 1 0.10 0.02 - - - - - - 


Sroad 2 1.44 0.28 - - - - - - 


Sroad 3 0.54 0.11 - - - - - - 


Sroad 4 0.49 0.10 - - - - - - 


Sroad 5 0.05 0.01 - - - - - - 


Sroad 6 0.90 0.18 - - - - - - 


S33A 0.102 0.05 - - - - - - 


S33D 0.148 0.07 - - - - - - 


        


        


TABLE 2 
WPS Weston – Rothschild 


Emission Rates 


ID 
TSP 


(#/HR) 
PM10 


(#/HR) 
SO2 


(#/HR) 
NOx 


(#/HR) 
CO 


(#/HR) 
Pb 


(#/HR) 
Hg 


(#/HR) 
NH3 


(#/HR) 


EXHIBIT C
38 1.26 0.63 - - - - - - 


EXHIBIT D
56A 0.096 0.05 - - - - - - 


S56D 0.140 0.07 - - - - - - 


S57 0.267 0.13 - - - - - - 


 
Note #1: The existing Units 1 and 2 (S01 & S02) were modeled previously for SO2 assuming three conditions (S01 on coal and 
S02 on natural gas, S01 on natural gas and S02 on coal, and both on coal).  The highest impact occurred when both units are 
operating with coal.  The rates that correspond to atomizer change-out days on Unit 4 are as follows: {Unit 1 – 720.7 #/hr; Unit 
2 – 840.0 #/hr}.  Refer to Note #3 for further details. 
 
Note #2: For Unit 4 (S04), the SO2 emission rate for atomizer change-out days was modeled as follows: 


 For the 3 hour analysis: 
100% - 3491.8 #/hr  75% - 2618.9 #/hr 
50% - 1745.9 #/hr  25% - 872.9 #/hr 


 
 For the 24 hour and annual analyses, constant rate:  


100% - 1508.9 #/hr  75% - 1131.7 #/hr 
50% - 754.5 #/hr  25% - 377.2 #/hr 


 
 For the 24 hour and annual analyses, varying rate:  


100% - 8 hours at 3491.8 #/hr, 16 hours at 517.5 #/hr (100% load) 
100% - 8 hours at 3491.8 #/hr, 16 hours at 466.0 #/hr (75% load) 
100% - 8 hours at 3491.8 #/hr, 16 hours at 310.0 #/hr (50% load) 
100% - 8 hours at 3491.8 #/hr, 16 hours at 155.0 #/hr (25% load) 
75% - 8 hours at 2618.9 #/hr, 16 hours at 621.0 #/hr (100% load) 
75% - 8 hours at 2618.9 #/hr, 16 hours at 466.0 #/hr (75% load) 
75% - 8 hours at 2618.9 #/hr, 16 hours at 310.0 #/hr (50% load) 
75% - 8 hours at 2618.9 #/hr, 16 hours at 155.0 #/hr (25% load) 
50% - 8 hours at 1745.9 #/hr, 16 hours at 621.0 #/hr (100% load) 
50% - 8 hours at 1745.9 #/hr, 16 hours at 466.0 #/hr (75% load) 
50% - 8 hours at 1745.9 #/hr, 16 hours at 310.0 #/hr (50% load) 
50% - 8 hours at 1745.9 #/hr, 16 hours at 155.0 #/hr (25% load) 
25% - 8 hours at 872.9 #/hr, 16 hours at 621.0 #/hr (100% load) 
25% - 8 hours at 872.9 #/hr, 16 hours at 466.0 #/hr (75% load) 
25% - 8 hours at 872.9 #/hr, 16 hours at 310.0 #/hr (50% load) 
25% - 8 hours at 872.9 #/hr, 16 hours at 155.0 #/hr (25% load) 







 


 


Twelve possible 8-hour periods were tested around the clock and the highest impact recorded. 
 
Note #3: In addition to the hihest emission days when an atomizer change-out is occurring on Unit 4, an SO2 scenario for 
standard operating days was analyzed. For these days, the following rates were modeled: {Unit 1- 763.6 #/hr; Unit 2 – 890.0 
#/hr; Unit 4 – 621.0 #/hr}. 
 
Note #4: The existing emergency generators (S51A-S55B) were analyzed assuming 12 hours operation per day for only the 
months of June, July, and August.  The NOx emission rate is calculated from the limit of 3.6 tons per year divided by 1104 
hours (92 days at 12 hours). 
 
Note #5: The Weyerhaeuser and Lignotech sources have been modified through the years such that only a portion of the total 
emission rate consumes increment.  The value in the parentheses for theses sources consumes increment.  For the other 
increment sources at WPS Weston, Foremost Farms, and Wausau Tile the entire rate consumes. 
 


 
 


TABLE 3 
WPS Weston – Rothschild 
Increment Analysis Results 


 (All Concentrations in μg/m3) 
 SO2 – 3 hr SO2 – 24 hr SO2 – Annual 


Modified Source Impact 199.8 82.9 12.1 


Level of Sig. Impact 25.0 5.0 1.0 


PSD Class II Increment 512.0 91.0 20.0 


% Increment Consumed 39.0 91.1 60.5 


 
 


TABLE 3 
WPS Weston - Rothschild 
Increment Analysis Results 


(All Concentrations in μg/m3) 
 PM10 – 24 hr PM10 – Annual NOx – Annual 


Modified Source Impact 29.4 6.67 19.9 


Level of Sig. Impact 5.0 1.0 1.0 


PSD Class II Increment 30.0 17.0 25.0 


% Increment Consumed 98.0 39.2 79.6 


 
 


TABLE 4 
WPS Weston – Rothschild 


Regional Background Concentrations 
(Concentrations are in g/m3) 


Monitoring Site Pollutant Averaging Period Concentration 


Green Bay East H.S. 
1415 East Walnut 


Brown County 
SO2 


3 hr 
24 hr 


Annual 


128.3 
33.5 
7.9 


Devil’s Lake State Park 
Sauk County 


NOx Annual 4.7 


923 270th Avenue 
Luck, Polk County 


CO 
1 hr 
8 hr 


3,188.0 
890.4 


711 West Wells 
Milwaukee County 


Pb Calendar Quarter 0.05 


Trout Lake State Nursery 
Vilas County 


PM10 
24 hr 


Annual 
27.4 
9.2 


Trout Lake State Nursery 
Vilas County 


TSP 24 hr 41.8 







 


 


 
 







 


 


 
 


TABLE 5 
WPS Weston – Rothschild 
Modeling Analysis Results 


 (All Concentrations in μg/m3) 
 TSP – 24 hr PM10 – 24 hr PM10 – Annual CO – 1 hr CO – 8 hr 


All Source Impact 108.2 106.1 19.5 1,093.9 451.5 


Background 41.8 27.4 9.2 3,188.0 890.4 


Total Concentration 150.0 133.5 28.7 4,281.9 1,341.9 


NAAQS (or AAC) 150.0 150.0 50.0 40,000 10,000 


% NAAQS (or AAC) 100.0 89.0 57.4 10.7 13.4 


 
 


TABLE 5 
WPS Weston – Rothschild 
Modeling Analysis Results 


 (All Concentrations in μg/m3) 
 SO2 – 3 hr SO2 – 24 hr SO2 – Annual NOx – Annual Pb – Quarter 


All Source Impact 922.2 327.7 55.1 93.5 0.004 


Background 128.3 33.5 7.9 4.7 0.05 


Total Concentration 1,050.5 361.2 63.0 98.2 0.054 


NAAQS (or AAC) 1,300.0 365.0 80.0 100.0 1.5 


% NAAQS (or AAC) 80.8 99.0 78.8 98.2 3.6 


 
Note: The highest 3-hour and 24-hour SO2 impacts occur on an atomizer change-out (nonstandard operation) day. 
 


TABLE 5 
WPS Weston – Rothschild 
Modeling Analysis Results 


 (All Concentrations in μg/m3) 
 NH3 


24 hr 
NH3 


Annual 
Hg 


Monthly 


Facility Impact 2.10 0.15 0.00145 


AAC 418.0 100.0 1.0 


% of AAC 0.5 0.2 0.1 


 
 


 
 







 


 


 
 
DATE: June 29, 2004 FILE REF: 4530 
  FID: 787009020 
TO: Raj Vakharia – AM/7  
 Jeff Myers – AM/7 
 
FROM: John Roth – AM/7 
 
SUBJECT: Inhalation Risk Screening for Diesel Particulate Emissions from Wisconsin Public Service Corporation Weston 
Generating Station – Rothschild (Marathon County) – South Site  
 


 


A. SUMMARY 


 
The upper bound inhalation cancer risk from diesel particulate emissions was determined for Wisconsin Public Service (WPS) 
Weston Generating Station in Rothschild.  The emissions of diesel particulate are the permit allowable emissions as 
determined by the Department for the facility. The limit of 872 pounds of diesel particulate per year results in a range of 
inhalation risk from 5.42e-5 or about five in one hundred thousand (fifty-four in one million) to 1.00e-3 or about one in one 
thousand (1001 in one million).  The point of maximum impact was located along the north property line.  The range of risk at a 
known or suspected residence is from 2.87e-5, or about three in one hundred thousand (twenty-nine in one million) to 5.30e-4, 
or about five in ten thousand (530 in one million).  The highest residential impact occurs at a point just to the north of the facility 
across the Wisconsin River.  The only route of exposure considered was inhalation and the modeled hours of operation for the 
new diesel units was 24 hours/day, 365 days/year (8,760 hrs/yr), and 12 hours/day, 92 days/year (1,104 hrs/yr) for the existing 
units. 
 


B. FACILITY DESCRIPTION & BACKGROUND 


 
WPS Weston is located adjacent to the Wisconsin River at Morrison Road, Rothschild (Marathon County).  The Weston 
Generating Station is a base load facility currently operating three coal-fired boilers and three fuel oil fired turbines to produce 
electricity.  There are also five diesel generators on site to provide power in high demand periods.  WPS is proposing to install 
a new 500 megawatt coal fired boiler along with ancillary equipment, including an emergency diesel generator and a diesel fire 
water pump.  Terrain is significant in the vicinity, so receptor elevations were considered in this analysis.  
 
C. MODELING ANALYSIS 


 
 The emission parameters used in this analysis were supplied by WPS from their consultant, Burns and McDonnell, and 


verified by DNR staff. Building dimensions were determined using BPIP with measurements taken on plot plans provided 
with the permit application.  Please refer to the source parameter table.  


 
 Five years (1977-1981) of preprocessed meteorological data was used in this analysis.  The surface data was collected in 


Wausau and the upper air data was collected in Green Bay. 
 
 The Industrial Source Complex Short Term 3 (ISCST3) model was also used in the analysis.  The model used rural 


dispersion coefficients with the regulatory default option, which allows for calm wind correction, buoyancy induced 
dispersion, and building downwash. 


 
 A rectangular grid centered on the facility and consisting of approximately 7,200 points was used in the analysis.  The 


receptors were placed every 50 meters around the fence line of the facility and in a 50 meter spaced grid extending to 3-
kilometers.  Surrounding this is a 250-meter spaced grid extending to 6 kilometers, and a 1000-meter spaced grid 
extending to 12-kilometers from the property.  Terrain elevations were derived from digitized USGS maps of the area. 
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C. EMISSIONS DATA & SUMMARY OF RISK 
 
The unit risk factors for diesel particulate were obtained from Jeff Myers from the State of California.  The table below lists the 
modeled high concentration and inhalation risk as determined by the department for the receptors indicated.  The inhalation 
risk was obtained by multiplying the receptor concentration by the risk factors. 
 
 


SUMMARY OF DIESEL PARTICULATE INHALATION RISK 
WPS WESTON GENERATING STATION – ROTHSCHILD 


(All Concentrations in μg/m3) 


Compound 
 


Low 
Factor 


High 
Factor 


Maximum 
Concentration 


Inhalation Risk 
Range 


Diesel Particulate 1.3E-4 2.4E-3 Maximum – 0.417 5.42E-5 to 1.00E-3 


Diesel Particulate 1.3E-4 2.4E-3 Residential – 0.221 2.87E-5 to 5.30E-4 


INHALATION RISK RANGE: 2.87E-5 to 1.00E-3 


 
 
The USEPA Class or "Weight of Evidence" criteria are a rating of the various hazardous substances describing how well 
established the risks are.  Those classified as "A" are known human carcinogens.  Those classified as "B" are suspected 
human carcinogens.  Diesel particulate is classified as “B”, suspected human carcinogen 
 
D. TOXICOLOGICAL ASSUMPTIONS 
 
Health and Environmental Analyses require the use of assumptions to predict the impacts of any proposed action.  It is 
therefore important to include the assumptions used in the analysis. 
 
1. For cancer risk analysis, the assumptions used are that a person weighing 70 kilograms lives at the point of maximum 


impact for 70 years and breathes 20 m3 of air per day.  When human data on carcinogenicity of a chemical are 
available, those data are preferred.  However, those data often have to be extrapolated from occupational, or other 
higher exposure levels, to lower exposure levels and additional assumptions must be made.  Another assumption is 
that when human data is unavailable, animal data for carcinogens can be extrapolated to humans and that the higher 
doses used in animal studies can be extrapolated to lower doses that are typical of human exposures.  In addition, it is 
assumed that cancer is a non-threshold process, and even a very small amount of a cancer agent has some level of 
risk associated with it (i.e. even if one molecule of the chemical is present, there is some risk, however small it may be). 


 
2. The risk estimated in this analysis represents the highest likely (or 95% upper bound) risk under the assumed 


conditions.  The actual risk (using the assumptions) could be lower and even approach zero, but because the way the 
mathematical models work, there is no way of telling what the actual risk is.  It can only be stated that the "true risk" is 
between zero and the upper bound value estimated in the mathematical model. 


 
3. This analysis did not consider other chemicals and other routes of exposure.  Depending on what other chemicals are 


involved and what the exposure scenarios are, actual total risk could be different. 
 
4. The estimation of emissions from a facility and the modeling of ambient air impacts also have assumptions that must 


be considered in determining the likelihood that the risks represent actual risks. 
 
5. There may be other chemicals of concern that were not addressed or of which we do not currently know.  For this 


analysis, other contaminants contained in Table 3 of NR 445, Wisconsin Administrative Code, were excluded if their 
emissions were estimated to be below the de minimis emission rates in NR 445. 


 
6. Non-cancer risks were not addressed in this analysis. 
 
 
7. Environmental risks were not addressed in this analysis. 
 
8. Background levels and multiple sources of the pollutants were not addressed. 
 
9. All risks were considered to be additive. 
 
 
 
 
 







 


 


WPS WESTON GENERATING STATION – ROTHSCHILD 
Emission Rates 


SOURCE 
ID 


SOURCE 
TYPE 


Diesel Particulate Rate 
(#/HR) 


S27 Point 0.0137 


S28 Point 0.0228 


S51A Point 0.50 


S51B Point 0.50 


S52A Point 0.50 


S52B Point 0.50 


S53A Point 0.50 


S53B Point 0.50 


S54A Point 0.50 


S54B Point 0.50 


S55A Point 0.50 


S55B Point 0.50 


 
Note #1:  The emission rates for S27 and S28 were adjusted to account for 200 hours of operation per year.  The maximum 
hourly rate was multiplied by 200 hours and the total divided by 8,760 hours for modeling. 
 
Note #2:  The emission rates for S51A thru S55B are the maximum hourly rate, but within the analysis the units were restricted 
to operate only 1104 hours per year (12 hours per day during June, July, and August). 
  


WPS WESTON GENERATING STATION – ROTHSCHILD 
Point Source Parameters 


ID 
LOCATION 


(UTM) 
HEIGHT 


(M) 
HEIGHT 


(ft) 
DIA. 
(M) 


DIA. 
(ft) 


VELOCITY 
(M/S) 


TEMP 
(K) 


S27 290133, 4969492 9.14 30.00 0.20 0.67 0.10 722.0 


S28 289999, 4969633 6.10 20.00 0.25 0.83 0.10 672.0 


S51A 290333, 4970779 7.16 23.49 0.25 0.83 45.07 721.9 


S51B 290333, 4970779 7.16 23.49 0.25 0.83 45.07 721.9 


S52A 290335, 4970782 7.16 23.49 0.25 0.83 45.07 721.9 


S52B 290336, 4970783 7.16 23.49 0.25 0.83 45.07 721.9 


S53A 290338, 4970787 7.16 23.49 0.25 0.83 45.07 721.9 


S53B 290339, 4970787 7.16 23.49 0.25 0.83 45.07 721.9 


S54A 290341, 4970791 7.16 23.49 0.25 0.83 45.07 721.9 


S54B 290342, 4970791 7.16 23.49 0.25 0.83 45.07 721.9 


S55A 290344, 4970794 7.16 23.49 0.25 0.83 45.07 721.9 


S55B 290345, 4970795 7.16 23.49 0.25 0.83 45.07 721.9 


 
 







 


 


 
 BEFORE THE DEPARTMENT OF NATURAL RESOURCES AIR MANAGEMENT PROGRAM 
 
Wisconsin Department of Natural Resources, Air Management Program, Preliminary Determination on an Air 
Pollution Control Permit to Construct an Air Contaminant Source at Rothschild, Marathon County, Wisconsin 
(Weston 4 – South Site).  
 
Air Pollution Construction Permit No. 03-RV-249   
 
Wisconsin Public Service Corporation – Weston Power Plant, Morrison Avenue, Rothschild, Wisconsin has 
submitted to the Department of Natural Resources (DNR) permit application including plans and specifications for 
the construction of an electric generation facility at a site adjacent to the existing Weston Power Plant (Weston 4 – 
South Site).  The emission sources included in the permit applications are: 
 
 


 One 500 MW supercritical pulverized coal (SCPC) boiler 
 One auxiliary boiler 
 Diesel fire pump and diesel booster pump 
 Gas fired dilution air heater 
 Machine shop and rail car facility’s welding shops 
 Coal handling and other material handling equipment, roadways and fugitive sources associated with the 


Weston 4 project and  
 Natural gas station heaters 


 
This construction permit application is being reviewed under the prevention of significant deterioration (PSD) rule 
set forth in ch. NR 405, Wis. Adm. Code.  The following air pollutants were covered by the PSD permit review: 
particulate matter emissions (PM/PM10), sulfur dioxide (SO2), nitrogen oxides (NOx), carbon monoxide (CO), 
volatile organic compounds (VOCs), sulfuric acid (H2SO4), lead, Fluorides and Beryllium.  
 
The Bureau of Air Management of the DNR has analyzed these materials and has preliminarily determined that 
the project should meet applicable criteria for permit approval as stated in s. 285.63, Wis. Stats., including both the 
emission limits and the ambient air standards and should, therefore, be approved. 
 
The issuance of a construction permit allows the construction or modification and initial operation of a source.  
 
An air pollution control permit for the proposed construction is a Type I action under Chapter NR 150, Wis. Adm. 
Code because the proposed facility is rated over 20 megawatts of electric power.  The Public Service Commission 
(PSC) and DNR prepared an Environmental Impact Statement under the Wisconsin Environmental Policy Act 
(WEPA), (s. 1.11 Wis. Stats., and ch. NR 150, Wis. Adm. Code).  Public comments are being received on the final 
EIS at the PSC. 
 
This proposed PSD source will consume increment.  The Table below lists, by pollutant, the amount of increment 
consumed by the proposed source. 


 
 


WPS Weston – Rothschild 
Increment Analysis Results 


 (All Concentrations in μg/m3) 


 SO2 – 3 hr SO2 – 24 hr SO2 – Annual 


Modified Source Impact 199.8 82.9 12.1 


Level of Sig. Impact 25.0 5.0 1.0 


PSD Class II Increment 512.0 91.0 20.0 


% Increment Consumed 39.0 91.1 60.5 


 
 
 
 







 


 


WPS Weston - Rothschild 
Increment Analysis Results 


(All Concentrations in μg/m3) 


 PM10 – 24 hr PM10 – Annual NOx – Annual 


Modified Source Impact 29.4 6.67 19.9 


Level of Sig. Impact 5.0 1.0 1.0 


PSD Class II Increment 30.0 17.0 25.0 


% Increment Consumed 98.0 39.2 79.6 


 
The DNR hereby solicits written comments from the public regarding the preliminary determination to approve the 
construction permit application.  These comments will be considered in the DNR's final decision regarding this 
proposal.  Information, including plans and the DNR's preliminary analysis, is available for public inspection at the 
Department of Natural Resources Bureau of Air Management Headquarters, Seventh Floor, 101 South Webster 
Street, Madison, Wisconsin, at the DNR, Wausau Service Center, 5301 Rib Mountain Drive, Wausau, WI 54401 
and at the Marathon County Library, 300 North First Street, Wausau, WI 54401 or contact Raj Vakharia at (608) 
267-2015.  This information is also available for downloading from the internet using a world wide web browser at: 
http://www.dnr.state.wi.us/org/aw/air/permits/APM_toc.htm 
 
Interested persons wishing to comment on the proposal and preliminary determination should attend the public 
hearing or submit written comments no later than August 20, 2004  to:  Wisconsin Department of Natural 
Resources, Bureau of Air Management, P.O. Box 7921, Madison, Wisconsin 53707, 608/266-7718.  Attn: Raj 
Vakharia. 
 
The DNR has received a request from WPS – Weston Power Plant ( Weston 4 - South Site) to hold a public 
hearing to receive public comments on this air pollution control permit application for Weston 4 – South Site. 
 
NOTICE IS HEREBY GIVEN that pursuant to ss. 285.13(1), 285.61(7) and 285.62(5), Wis. Stats., DNR will hold a 
public hearing to receive public comments on the air pollution control permit application of WPS – Weston Power 
Plant.  Any comments received by DNR on the proposed project at the hearing and during the public comment 
period will be considered by DNR prior to making its final decision regarding the project. 
 
NOTICE IS FURTHER GIVEN that the public hearing will be held: 
 
 Thursday, August 12, 2004 at 1:00 pm 
 Marathon County Public Library 
 Wausau Room – 3rd floor 
 300 N. First Street 
 Wausau, WI  
 
The public hearing will be held in conjunction with the hearing on the projects WPDES and water loss approval 
being held pursuant s. 283.49, Wis. Stats.  After the public hearing and public comment period, a final 
determination will be made on whether to issue or deny the air pollution control permit.  If you would like a copy of 
the final determination, please contact Raj Vakharia, State of Wisconsin, Department of Natural Resources, 
Bureau of Air Management, Box 7921, Madison, Wisconsin 53707, (608)267-2015. 
 
Reasonable accommodation, including the provision of informational material in an alternative format, will be 
provided for qualified individuals with disabilities upon request. 
 
Dated at Madison, Wisconsin        July 12, 2004         
 
STATE OF WISCONSIN 
DEPARTMENT OF NATURAL RESOURCES 
For the Secretary 
 
 
 
By  signed by Jeffrey C. Hanson for                                   


 Lloyd L. Eagan, Director 
 Bureau of Air Management 







 


 
  


 
June 30, 2004 IN REPLY REFER TO: 4560 
 FID No.: 737009020  
  PERMIT No.: 03-RV-249 
 
Cindy Brandt 
Wisconsin Public Service Corporation – Weston Power Plant 
P.O. Box 19002 
Green Bay, WI 54307-9002 
 
Dear Ms. Brandt: 
 
The Bureau of Air Management of the Department of Natural Resources has preliminarily reviewed the air 
pollution control permit application regarding the proposed construction of an electric generation facility at the 
WPSC –  Weston Power Plant refereed to as the South Site. 
 
The Bureau of Air Management has prepared an analysis of the proposed project and has made a preliminary 
determination that it is approvable.  The proposed permit limitations and conditions are included in the attached 
Draft Permit. 
 
The estimate of the fees that will be charged when the construction permit is issued is as follows: 
 
PRELIMINARY ESTIMATE OF THE APPLICATION FEE 
 
Please see the attached Table. 
 


This is only an estimate of the application fee.  This could be changed as a result of further work being 
required on the application prior to issuing the permit or due to issuance after the effective date of the 
current s. NR 410.03, Wis. Adm. Code.  When you receive your construction permit you will receive 
the final bill for the application fee. 


 
The Department will now accept public comments on the proposed project as required by ss. 285.61(6) and (7) 
and 285.62(4) and (5), Wis. Stats.  Comments will be received for 30 days after publication of a Class I Legal 
notice.   
 
Please review the Draft Permit and provide your comments within the same 30 day period. 
 
As requested, a copy of this public notice is attached so you may expedite the permitting process.  It should be 
published for one day in the Wausau’s Newspaper.  In return, you must provide me a notarized proof of 
publication prior to permit issuance. 
 
The public input, if any, will also be reviewed to note if significant public interest in the project exists and 
whether a public hearing is warranted.    WPSC has requested that the Department hold a hearing on the proposed 
project.  A hearing on the proposed project has been scheduled for August 12, 2004.  Finally, all public input will 
be used to render a final decision within another 60 days unless compliance with Wisconsin's Environmental 
Policy Act requires a longer time. 
 
Please be advised that this is only a preliminary determination.  If you have any questions regarding this matter, 
please feel free to contact me at (608) 267-2015. 
 
Sincerely, 
 
 







 


 
  


Raj Vakharia, Review Engineer 
Permits and Stationary Modeling Section 
Bureau of Air Management 
 
Attachment 
 
cc: Rhonda O’Leary, WCR Wausau Service Center Air Program  
            







 


 
  


 
 File Code:  4560-1 
 FID #: 737009020  
 Permit Number:  03-RV-249 
 
 
Dear Librarian: 
 
By Wisconsin law, the Department of Natural Resources is required to allow thirty (30) days of public 
comment, starting on the day of public notice, on draft air pollution construction and operation permits.  
In addition, the public notices related to such permits are sent to a public library located in the area of the 
facility requesting the permit for Viewing.   
 
Enclosed is the public notice, the preliminary determination and the draft permit for Wisconsin Public 
Service Corporation - Weston Power Plant referred to as South Site located in Rothschild, Marathon 
County, Wisconsin.  Please retain these documents in the library for sixty (60) days for public Thank you. 
 
Sincerely, 
 
 
 
Raj Vakharia, Review Engineer 
Permits & Stationary Modeling Section 
Bureau of Air Management 
 
Enclosure 
 
cc: Rhonda O’Leary, WCR Wausau Service Center Air Program  
            








 FINAL REPORT 


2012 UINTAH BASIN WINTER OZONE & AIR QUALITY STUDY 
 
 
 
GENERAL EDITORS 
SETH LYMAN AND HOWARD SHORTHILL, UTAH STATE UNIVERSITY 
 
 
STUDY COORDINATION 
UTAH DEPARTMENT OF ENVIRONMENTAL QUALITY 
 
 
CONTRIBUTING ORGANIZATIONS (ALPHABETICALLY) 


• ALPINE GEOPHYSICS 
• BUREAU OF LAND MANAGEMENT 
• COLORADO STATE UNIVERSITY 
• ENVIRON 
• ENVIRONMENTAL PROTECTION AGENCY 
• NATIONAL OCEANIC AND ATMOSPHERIC ADMINISTRATION 
• UNIVERSITY OF CALIFORNIA, BERKELEY 
• UNIVERSITY OF CALIFORNIA, LOS ANGELES 
• UNIVERSITY OF COLORADO, BOULDER 
• UNIVERSITY OF WASHINGTON 
• UNIVERSITY OF WYOMING 
• UTAH DEPARTMENT OF ENVIRONMENTAL QUALITY 
• UTAH STATE UNIVERSITY 
• WESTERN ENERGY ALLIANCE 


 
 
FUNDING ENTITIES (ALPHABETICALLY) 


• BUREAU OF LAND MANAGEMENT  
• DEPARTMENT OF ENERGY 
• DUCHESNE COUNTY 
• ENVIRONMENTAL PROTECTION AGENCY 
• MR. MARC BINGHAM 
• NATIONAL OCEANIC AND ATMOSPHERIC ADMINISTRATION 
• NATIONAL SCIENCE FOUNDATION  
• UINTAH COUNTY 
• UINTAH IMPACT MITIGATION SPECIAL SERVICE DISTRICT 
• UTAH DEPARTMENT OF ENVIRONMENTAL QUALITY 
• UTAH SCHOOL AND INSTITUTIONAL TRUST LANDS ADMINISTRATION  
• WESTERN ENERGY ALLIANCE (THROUGH MEMBERS ANADARKO PETROLEUM CORP., BILL BARRETT CORP., 


BERRY PETROLEUM CO., EOG RESOURCES, GASCO ENERGY INC., NEWFIELD EXPLORATION CO., QEP 
RESOURCES, AND XTO ENERGY INC.) 


	  
	  
	  
	  
	  
	  
	  


DOCUMENT NUMBER:  CRD13-320.32 
REVISION: PUBLIC RELEASE 
DATE: FEBRUARY 01, 2013 


COMMERCIALIZATION


DEVELOPMENT
andREGIONAL







	   	  


CRD/13-‐320.32	   2012	  Uintah	  Basin	  Winter	  Ozone	  &	  Air	  Quality	  Study	   i	  


TABLE	  OF	  CONTENTS	  


SYNOPSIS	  OF	  RESULTS	  


EXECUTIVE	  SUMMARY	  ..........................................................................................................................	  1	  


INTRODUCTION	  .....................................................................................................................................	  4	  


PART	  A:	  PHYSICAL	  CHARACTERISTICS	  AND	  METEOROLOGY	  .................................................................	  9	  


PART	  B:	  ATMOSPHERIC	  CHEMISTRY	  OF	  OZONE	  FORMATION	  ............................................................	  26	  


PART	  C:	  SOURCES	  OF	  OZONE	  PRECURSOR	  EMISSIONS	  .......................................................................	  31	  


PART	  D:	  MITIGATION	  STRATEGIES	  ......................................................................................................	  35	  


PART	  E:	  ADDITIONAL	  INFORMATION	  NEEDS	  AND	  MODELING	  ISSUES	  ................................................	  37	  


REFERENCES	  ........................................................................................................................................	  44	  


CHAPTER	  I:	  LONG-‐TERM	  MONITORING	  FOR	  OZONE	  &	  KEY	  PRECURSOR	  SPECIES	  


INTRODUCTION	  ...................................................................................................................................	  47	  


METHODS	  ............................................................................................................................................	  48	  


RESULTS	  AND	  DISCUSSION	  ..................................................................................................................	  51	  


SUMMARY	  ...........................................................................................................................................	  69	  


REFERENCES	  ........................................................................................................................................	  69	  


CHAPTER	  II:	  DISTRIBUTED	  MONITORING	  OF	  OZONE,	  PRECURSORS,	  AND	  METEOROLOGY	  


INTRODUCTION	  ...................................................................................................................................	  71	  


METHODS	  ............................................................................................................................................	  71	  


RESULTS	  AND	  DISCUSSION	  ..................................................................................................................	  78	  


SUMMARY	  ...........................................................................................................................................	  95	  


REFERENCES	  ........................................................................................................................................	  96	  


CHAPTER	  III:	  INTENSIVE	  MEASUREMENTS	  AT	  THE	  HORSE	  POOL	  SITE	  	  


INTRODUCTION	  AND	  BACKGROUND	  ..................................................................................................	  97	  


SITE	  DESCRIPTION	  AND	  DETAILS	  OF	  MEASUREMENT	  TECHNIQUES	  ...................................................	  98	  


RESULTS	  AND	  DISCUSSION	  ................................................................................................................	  112	  


REFERENCES	  ......................................................................................................................................	  169	  


	  
	  
	  







	   	  


CRD/13-‐320.32	   2012	  Uintah	  Basin	  Winter	  Ozone	  &	  Air	  Quality	  Study	   ii	  


CHAPTER	  IV:	  EMISSIONS	  INVENTORY	  REPORT	  


INTRODUCTION	  .................................................................................................................................	  175	  


RELATED	  WORK	  .................................................................................................................................	  177	  


PREVIOUS	  EMISSIONS	  INVENTORIES	  AND	  SURVEYS	  .........................................................................	  177	  


SURROGATE	  DISTRIBUTIONS	  .............................................................................................................	  178	  


OIL	  &	  GAS	  EMISSIONS	  .......................................................................................................................	  181	  


NON	  OIL	  &	  GAS	  EMISSIONS	  ...............................................................................................................	  187	  


ONGOING	  AND	  FUTURE	  WORK	  .........................................................................................................	  194	  


SUMMARY,	  CONCLUSIONS,	  RECOMMENDATIONS	  ...........................................................................	  194	  


REFERENCES	  ......................................................................................................................................	  195	  


	  
	  
CHAPTER	  V	  (PART	  A):	  SOURCE	  CHARACTERIZATION,	  ATTRIBUTION,	  AND	  OZONE	  DISTRIBUTION	  IN	  THE	  
UINTAH	  BASIN	  USING	  THE	  NOAA	  MOBILE	  LABORATORY	  


OBJECTIVE	  .........................................................................................................................................	  197	  


INSTRUMENTATION	  ..........................................................................................................................	  197	  


SAMPLING	  STRATEGIES	  .....................................................................................................................	  203	  


ANALYSIS	  CHALLENGES	  .....................................................................................................................	  204	  


AREA	  OF	  STUDY	  .................................................................................................................................	  204	  


RESULTS	  FOR	  HYDROCARBON	  MEASUREMENT	  ................................................................................	  205	  


CONCLUSIONS	  ...................................................................................................................................	  216	  


RESULTS	  FOR	  NITROGEN	  OXIDES	  MEASUREMENTS	  ..........................................................................	  217	  


DATA	  ACCESS	  ....................................................................................................................................	  225	  


REFERENCES	  ......................................................................................................................................	  226	  


	  
CHAPTER	  V	  (PART	  B):	  TETHERED	  OZONESONDE	  MEASUREMENTS	  IN	  THE	  UINTAH	  BASIN	  


INTRODUCTION	  .................................................................................................................................	  227	  


METHODS	  AND	  OBSERVATIONS	  ........................................................................................................	  229	  


OUTREACH	  AND	  EDUCATION	  ............................................................................................................	  238	  


SUMMARY	  .........................................................................................................................................	  240	  


ACKNOWLEDGEMENTS	  .....................................................................................................................	  240	  


REFERENCES	  ......................................................................................................................................	  241	  


APPENDIX:	  INSTRUMENT	  SPECIFICATIONS	  .......................................................................................	  241	  







	   	  


CRD/13-‐320.32	   2012	  Uintah	  Basin	  Winter	  Ozone	  &	  Air	  Quality	  Study	   iii	  


	  
CHAPTER	  VI:	  CONTINUOUS	  VERTICAL	  PROFILING	  OF	  METEOROLOGICAL	  VARIABLES,	  OZONE,	  
NITROGEN	  OXIDES,	  METHANE,	  AND	  TOTAL	  HYDROCARBONS	  


STUDY	  OBJECTIVES	  ............................................................................................................................	  243	  


STUDY	  PERIOD	  &	  PARTICIPATING	  SCIENTISTS	  ...................................................................................	  243	  


EXPERIMENTAL	  DETAILS	  ....................................................................................................................	  243	  


RESULTS	  .............................................................................................................................................	  245	  


SUMMARY	  .........................................................................................................................................	  250	  


	  


CHAPTER	  VII:	  THE	  POTENTIAL	  FOR	  OZONE	  PRODUCTION	  IN	  THE	  UINTAH	  BASIN:	  A	  CLIMATOLOGICAL	  
ANALYSIS	  


SUMMARY	  .........................................................................................................................................	  251	  


INTRODUCTION	  .................................................................................................................................	  253	  


METEOROLOGICAL	  STATIONS	  ...........................................................................................................	  254	  


INVERSION	  AND	  SNOW	  COVER	  .........................................................................................................	  255	  


SNOW	  COVER/INVERSION	  CORRELATIONS	  AND	  LONG-‐RANGE	  TRENDS	  ..........................................	  261	  


ACTINIC	  FLUX	  ....................................................................................................................................	  264	  


OZONE/LAPSE	  RATE	  CORRELATION	  ..................................................................................................	  265	  


MULTIVARIATE	  REGRESSION	  ANALYSIS	  (PREDICTION	  OF	  OZONE	  POTENTIAL)	  .................................	  267	  


SENSITIVITY	  ANALYSIS	  OF	  THE	  PREDICTIVE	  MODEL	  ..........................................................................	  275	  


FUTURE	  WORK	  ..................................................................................................................................	  279	  


MAJOR	  CONCLUSIONS	  ......................................................................................................................	  280	  


REFERENCES	  ......................................................................................................................................	  280	  


NOTES	  ................................................................................................................................................	  281	  


	  
	  







CRD/13-‐320.32	   2012	  Uintah	  Basin	  Winter	  Ozone	  &	  Air	  Quality	  Study	   1	  	  


SYNOPSIS	  OF	  RESULTS 


	  


Till	  Stoeckenius1,	  Dennis	  McNally2,	  Seth	  Lyman3,	  and	  Howard	  Shorthill3	  
1ENVIRON	  International	  Corporation	  
2Alpine	  Geophysics	  Corporation	  
3	  Bingham	  Entrepreneurship	  &	  Energy	  Research	  Center,	  Utah	  State	  University	  


	  


	  


EXECUTIVE	  SUMMARY	  


Background	  
In	  2008,	  the	  United	  States	  Environmental	  Protection	  Agency	  (EPA)	  established	  a	  National	  Ambient	  Air	  
Quality	  Standard	  (NAAQS)	  for	  ozone	  of	  75	  parts	  per	  billion	  (ppb),	  a	  regulatory	  number	  that	  is	  obtained	  
by	  averaging	  over	  a	  three-‐year	  period,	  the	  annual	  fourth-‐highest	  daily	  maximum	  eight-‐hour	  ozone	  
concentration.	  	  During	  winter	  2009-‐10	  and	  again	  during	  winter	  2010-‐11,	  some	  eight-‐hour	  ozone	  
concentration	  averages	  in	  the	  Uintah	  Basin	  of	  northeastern	  Utah	  were	  observed	  to	  exceed	  75	  ppb.	  	  A	  
study	  conducted	  by	  Utah	  State	  University	  during	  winter	  2010-‐11	  showed	  that	  ozone	  concentrations	  
were	  lower	  in	  areas	  on	  the	  periphery	  of	  and	  contiguous	  to	  the	  Uintah	  Basin	  than	  they	  were	  within,	  with	  
the	  highest	  concentrations	  tending	  to	  occur	  at	  lower	  elevations	  near	  the	  Basin’s	  center.	  


Since	  2005,	  periods	  of	  high	  ozone	  have	  also	  been	  observed	  during	  some	  winters	  in	  the	  Upper	  Green	  
River	  Basin	  (UGRB)	  of	  southwestern	  Wyoming.	  	  Several	  studies	  in	  both	  basins	  have	  determined	  that	  
winter	  ozone	  formation	  requires	  (1)	  snow	  cover	  to	  increase	  available	  sunlight	  that	  drives	  ozone-‐forming	  
photochemical	  reactions	  and	  (2)	  strong	  temperature	  inversions	  to	  decrease	  atmospheric	  mixing	  and	  
allow	  ozone	  and	  its	  precursors	  to	  accumulate	  in	  a	  shallow	  layer	  of	  the	  atmosphere	  near	  the	  ground.	  	  
Both	  basins	  contain	  extensive	  oil	  and	  gas	  development,	  and	  emissions	  from	  oil	  and	  gas	  operations	  have	  
been	  implicated	  as	  a	  major	  source	  of	  ozone	  precursors	  in	  the	  UGRB.	  	  	  


While	  ozone	  is	  known	  to	  form	  during	  the	  complex,	  non-‐linear	  reactions	  of	  two	  principal	  precursors	  
called	  volatile	  organic	  compounds	  (VOC)	  and	  nitrogen	  oxides	  (NOx),	  understanding	  the	  relationship	  
between	  changes	  in	  precursor	  emissions	  and	  the	  resulting	  changes	  in	  ozone	  concentrations	  is	  a	  
significant	  challenge	  of	  ozone	  pollution	  management.	  	  The	  2011-‐12	  Uintah	  Basin	  Ozone	  Study	  (UBOS	  
2011-‐12),	  a	  comprehensive	  field	  measurement	  campaign,	  was	  launched	  to	  gain	  a	  better	  understanding	  
of	  the	  factors	  contributing	  to	  elevated	  wintertime	  ozone	  in	  the	  Basin.	  	  This	  campaign	  was	  designed	  to	  (1)	  
continue	  a	  long-‐term	  record	  of	  atmospheric	  chemistry	  and	  meteorology;	  (2)	  identify	  emissions	  sources;	  
(3)	  understand	  the	  meteorological	  and	  chemical	  processes	  active	  in	  ozone	  production,	  including	  the	  
possibility	  of	  unique	  photochemical	  mechanisms	  that	  contribute	  to	  elevated	  winter	  concentrations;	  and	  
(4)	  provide	  information	  that	  leads	  to	  the	  development	  of	  effective	  mitigation	  strategies.	  	  	  


Findings	  
Unlike	  the	  previous	  two	  winters,	  ozone	  concentrations	  during	  UBOS	  2011-‐12	  were	  well	  below	  the	  
NAAQS,	  peaking	  at	  an	  eight-‐hour	  average	  of	  63	  ppb,	  and	  snow	  cover	  and	  multi-‐day	  temperature	  
inversions	  were	  virtually	  absent.	  	  Yet	  despite	  these	  differences,	  much	  valuable	  and	  useful	  data	  about	  
ozone	  precursor	  emissions	  and	  atmospheric	  chemistry	  were	  collected.	  	  This	  document	  synthesizes	  the	  
results	  reported	  by	  the	  UBOS	  2011-‐12	  teams.	  	  Key	  findings	  are	  summarized	  below:	  	  	  
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• As	  in	  the	  UGRB,	  snow	  cover	  is	  a	  key	  element	  of	  high	  ozone	  episodes.	  	  (These	  episodes	  are	  also	  
associated	  with	  light	  wind	  and	  strong,	  shallow	  temperature	  inversions	  that	  trap	  a	  pool	  of	  cold	  
air	  underneath	  warmer	  air,	  limit	  atmospheric	  mixing,	  and	  trap	  ozone	  and	  its	  precursors	  close	  to	  
the	  ground,	  allowing	  concentrations	  to	  build.)	  	  Snow	  cover	  promotes	  ozone	  formation	  in	  at	  least	  
two	  ways.	  	  First,	  since	  it	  reflects	  sunlight,	  snow	  cover	  limits	  daytime	  heating	  of	  the	  earth’s	  
surface,	  thus	  keeping	  air	  cool	  near	  the	  surface	  and	  promoting	  temperature	  inversions.	  	  Second,	  
the	  total	  amount	  of	  solar	  radiation	  passing	  through	  the	  atmosphere	  and	  available	  to	  drive	  
chemical	  reactions	  responsible	  for	  ozone	  formation	  is	  nearly	  doubled	  as	  the	  snow	  cover	  reflects	  
the	  incoming	  sunlight.	  	  Snow	  cover	  may	  also	  promote	  heterogeneous	  chemical	  reactions	  that	  
enhance	  ozone	  formation.	  


• Analysis	  of	  historical	  weather	  data	  indicates	  that	  conditions	  conducive	  to	  ozone	  formation	  in	  the	  
Uintah	  Basin	  occur	  on	  at	  least	  some	  days	  during	  about	  half	  of	  all	  winter	  seasons,	  and	  ozone	  
levels	  characteristic	  of	  a	  severe	  ozone	  season,	  such	  as	  those	  measured	  in	  winter	  2010-‐11,	  can	  be	  
expected	  to	  occur	  approximately	  in	  one	  of	  every	  four	  seasons.	  	  Median	  ozone	  concentrations	  in	  
2012,	  a	  year	  with	  little	  snow	  cover	  and	  no	  persistent	  inversions,	  were	  28-‐46	  ppb.	  


• Neither	  the	  2010-‐11	  nor	  the	  2011-‐12	  study	  was	  designed	  specifically	  to	  quantify	  the	  
contribution	  of	  pollutants	  from	  external	  sources	  to	  ozone	  episodes	  within	  the	  Basin,	  but	  
available	  data	  suggest	  that	  such	  transport	  is	  not	  likely	  to	  represent	  a	  major	  contribution	  to	  peak	  
ozone	  events.	  	  These	  lines	  of	  evidence	  include	  (1)	  higher	  concentrations	  of	  VOC	  and	  NOx	  within	  
the	  Basin	  than	  without,	  (2)	  correlations	  of	  VOC	  and	  NOx	  concentrations	  with	  proximity	  to	  known	  
sources,	  (3)	  meteorological	  conditions	  during	  ozone	  production	  episodes	  not	  conducive	  to	  
transport	  from	  outside	  the	  Basin,	  and	  (4)	  VOC	  speciation	  (i.e.,	  the	  mix	  of	  different	  VOC	  in	  the	  
atmosphere)	  in	  the	  Basin	  characteristic	  of	  oil	  and	  gas	  operations,	  not	  of	  upwind	  urban	  sources.	  


• An	  emissions	  inventory	  developed	  for	  the	  study	  indicates	  that	  oil	  and	  gas	  operations	  were	  
responsible	  for	  98-‐99%	  of	  VOC	  (range	  of	  estimates)	  and	  57-‐61%	  of	  NOx	  emitted	  from	  sources	  
within	  the	  Basin	  that	  were	  considered	  in	  the	  inventory.	  	  Some	  sources	  were	  not	  included	  in	  the	  
inventory	  due	  to	  lack	  of	  available	  information	  (e.g.,	  hydrocarbon	  seepage	  from	  soils	  and	  
emissions	  from	  produced	  water	  disposal	  ponds	  and	  from	  plugged	  and	  abandoned	  wells).	  Among	  
sources	  considered	  in	  the	  study,	  the	  Bonanza	  Power	  Plant	  emitted	  33-‐36%	  of	  NOx	  within	  the	  
Basin	  during	  the	  study.	  	  More	  study	  is	  needed,	  however,	  to	  determine	  whether	  the	  Bonanza	  
Plant’s	  stack	  height	  limits	  its	  contribution	  to	  surface	  winter	  ozone	  production.	  	  Industrial	  
operations	  change	  rapidly,	  and	  many	  gaps	  exist	  in	  current	  inventories.	  	  A	  new,	  comprehensive	  
inventory	  effort	  is	  needed	  to	  model	  and	  effectively	  manage	  air	  quality	  in	  the	  Basin	  


• NOx	  and	  VOC	  emission	  plumes	  can	  occur	  at	  different	  heights,	  with	  VOC	  emissions	  concentrated	  
near	  ground	  level	  and	  some	  NOx	  emissions	  being	  injected	  further	  aloft.	  	  These	  vertical	  gradients	  
in	  NOx	  and	  VOC	  may	  impact	  ozone	  formation	  and	  present	  challenges	  for	  modeling.	  


• Current	  understanding	  of	  the	  chemistry	  of	  ozone	  formation	  in	  polluted	  environments	  is	  based	  
largely	  on	  summertime	  ozone	  episodes	  occurring	  in	  large	  urban	  areas;	  comparatively	  little	  is	  
known	  about	  winter	  ozone	  formation.	  	  UGRB	  studies	  suggest	  the	  existence	  of	  chemical	  reactions	  
unique	  to	  winter	  ozone	  formation.	  	  Three	  reaction	  pathways	  that	  may	  contribute	  to	  winter	  
ozone	  production	  and	  deserve	  further	  investigation	  were	  identified	  by	  UBOS	  2011-‐12:	  (1)	  
sunlight-‐induced	  production	  of	  nitrous	  acid	  (HONO)	  from	  NO2	  on	  snow	  or	  particle	  surfaces,	  (2)	  
alkene	  production	  on	  snow	  surfaces,	  and	  (3)	  nitryl	  chloride	  formation.	  	  Further	  field	  studies	  
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during	  winter	  ozone	  episodes	  will	  be	  required	  to	  determine	  whether	  these	  reaction	  pathways	  
merit	  inclusion	  in	  regulatory	  air	  quality	  models.	  	  	  


• Surface	  airflow	  during	  the	  light	  winds	  characteristic	  of	  conditions	  conducive	  to	  ozone	  formation	  
is	  heavily	  influenced	  by	  the	  Uintah	  Basin’s	  complex	  topography.	  	  Recirculating	  air	  patterns	  in	  the	  
UGRB	  have	  been	  shown	  to	  concentrate	  pollutants	  and	  contribute	  to	  ozone	  production.	  	  More	  
study	  is	  needed	  to	  understand	  how	  complex	  surface	  flows	  in	  the	  Uintah	  Basin	  influence	  ozone	  
production	  and	  transport.	  


Recommendations	  


Mitigation	  
Determination	  of	  a	  comprehensive	  strategy	  for	  mitigating	  winter	  ozone	  issues	  in	  the	  Uintah	  
Basin	  will	  require	  the	  development	  of	  meteorological	  and	  photochemical	  models	  that	  accurately	  
simulate	  winter	  ozone	  production.	  	  Three-‐dimensional	  photochemical	  models	  can	  evaluate	  the	  
sensitivity	  of	  ozone	  concentrations	  to	  changes	  in	  precursor	  emissions	  and	  predict	  the	  effects	  of	  
emissions	  control	  strategies.	  	  Ambient	  measurements	  are	  essential	  to	  inform	  and	  validate	  the	  
emissions	  inventories	  and	  models	  that	  will	  help	  determine	  mitigation	  strategies.	  


• Because	  models	  specific	  to	  winter	  ozone	  formation	  in	  the	  Uintah	  Basin	  have	  not	  been	  
developed,	  information	  sufficient	  to	  determine	  the	  level	  of	  emission	  reductions	  that	  
could	  eventually	  be	  required	  to	  achieve	  ozone-‐reduction	  objectives	  is	  not	  available.	  	  
Furthermore,	  it	  is	  not	  known	  at	  this	  time	  if	  ozone	  levels	  in	  the	  Basin	  will	  be	  more	  
effectively	  mitigated	  by	  NOx	  or	  VOC	  controls,	  or	  if	  the	  control	  requirements	  may	  vary	  
across	  the	  Basin.	  	  Under	  some	  conditions,	  reductions	  in	  NOx	  emissions	  can	  actually	  
result	  in	  increased	  ozone	  concentrations.	  


• The	  study	  team’s	  current	  best	  estimate	  is	  that	  VOC	  controls	  will	  reduce	  ozone	  
production,	  but	  the	  overall	  effectiveness	  of	  this	  strategy	  is	  unknown.	  	  Reductions	  in	  
emissions	  of	  aromatic	  VOC	  (e.g.,	  Benzene,	  Toluene,	  etc.)	  could	  be	  particularly	  effective	  
since	  they	  are	  not	  only	  a	  direct	  health	  concern	  but	  also	  more	  active	  in	  ozone	  production	  
than	  many	  other	  VOC.	  	  It	  is	  not	  known	  whether	  or	  to	  what	  extent	  NOx	  emissions	  
controls	  would	  be	  effective.	  


• Newly	  promulgated	  National	  Emission	  Standards	  for	  Hazardous	  Air	  Pollutants	  and	  New	  
Source	  Performance	  Standards	  specific	  to	  the	  oil	  and	  gas	  industry	  will	  likely	  reduce	  
emissions	  of	  VOC	  from	  a	  number	  of	  sources	  including	  glycol	  dehydrators	  (large	  source	  of	  
aromatics),	  and	  may	  increase	  emissions	  of	  NOx	  due	  to	  the	  requirement	  that	  emitted	  
VOC	  be	  flared.	  	  Some	  of	  these	  standards	  only	  apply	  to	  new	  or	  modified	  sources.	  


• A	  voluntary	  “ozone	  action	  day”	  program	  similar	  to	  that	  implemented	  in	  the	  UGRB	  may	  
be	  a	  cost-‐effective	  way	  to	  reduce	  peak	  ozone	  concentrations.	  	  Such	  a	  program	  would	  
encourage	  limitation	  of	  industrial	  operations	  and	  public	  exposure	  to	  polluted	  air	  on	  days	  
when	  high	  ozone	  is	  anticipated.	  	  	  
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Future	  Studies	  
While	  data	  collected	  and	  analyses	  performed	  to	  date	  have	  provided	  much	  useful	  information,	  
additional	  measurements	  (particularly	  during	  winter	  ozone	  episodes),	  analyses,	  and	  models	  are	  
needed	  to	  guide	  air	  quality	  management	  plans	  and	  to	  develop	  more	  comprehensive	  mitigation	  
strategies.	  	  Specific	  recommendations	  include:	  


• Additional	  field	  measurements	  during	  ozone	  episodes	  at	  sites	  across	  the	  Basin	  that	  
characterize	  horizontal,	  vertical,	  and	  temporal	  characteristics	  of	  winter	  ozone	  formation	  
and	  explore	  the	  possibility	  of	  chemical	  reactions	  unique	  to	  winter	  ozone	  episodes.	  


• Continued	  development	  of	  a	  Basin-‐specific	  emissions	  inventory	  that	  includes	  
reconciliation	  with	  ambient	  measurements.	  


• Development	  of	  validated	  meteorological	  and	  photochemical	  models	  specific	  to	  winter	  
ozone	  episodes	  in	  the	  Uintah	  Basin	  that	  include	  winter	  ozone	  formation	  simulations	  and	  
lead	  to	  Basin-‐specific	  ozone	  mitigation	  strategies.	  	  


	  


INTRODUCTION	  


Background	  
The	  Uintah	  Basin	  lies	  in	  the	  northeast	  corner	  of	  Utah	  and	  is	  bounded	  on	  the	  north	  by	  the	  Uinta	  
Mountains,	  on	  the	  south	  by	  the	  Tavaputs	  Plateau,	  on	  the	  west	  by	  the	  Wasatch	  Range,	  and	  on	  the	  east	  
by	  elevated	  terrain	  separating	  it	  from	  the	  Piceance	  Basin	  in	  Colorado.	  	  The	  Green	  River	  runs	  through	  the	  
Basin	  from	  northeast	  to	  southwest,	  exiting	  through	  Desolation	  Canyon.	  	  The	  lowest	  point	  in	  the	  Basin	  is	  
near	  Ouray	  and	  is	  approximately	  4800	  feet	  above	  sea	  level.	  	  Significant	  topographical	  variation	  on	  the	  
order	  of	  tens	  to	  hundreds	  of	  vertical	  feet	  exists	  within	  the	  Basin.	  
	  
Duchesne	  and	  Uintah	  Counties	  make	  up	  essentially	  the	  entire	  Basin.	  	  The	  Uintah	  and	  Ouray	  Indian	  
Reservation	  covers	  a	  significant	  portion	  of	  the	  Basin	  (Figure	  1).	  	  EPA	  and	  the	  Ute	  Tribe	  have	  jurisdiction	  
over	  air	  quality	  management	  on	  the	  reservation,	  while	  the	  State	  of	  Utah	  manages	  air	  quality	  in	  other	  
areas.	  	  
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Figure	  1.	  	  Uintah	  Basin	  and	  surrounding	  region	  with	  county	  boundaries	  (Utah	  only)	  and	  tribal	  areas.	  


	  


The	  Basin	  is	  mostly	  rural	  and	  has	  a	  population	  of	  about	  50,000	  concentrated	  primarily	  in	  three	  towns	  
(Duchesne,	  Roosevelt,	  and	  Vernal)	  that	  lie	  along	  the	  east-‐west	  State	  Highway	  40	  corridor	  (Figure	  2).	  	  The	  
economy	  of	  the	  Basin	  is	  driven	  by	  energy	  production	  from	  vast	  petroleum	  resources.	  	  Oil	  and	  gas	  
production	  (approximately	  8,000	  wells;	  Chapter	  4)	  is	  concentrated	  in	  sparsely	  populated	  areas	  in	  the	  
south	  (Question	  C).	  	  A	  500-‐megawatt	  coal-‐fired	  power	  plant	  (Bonanza)	  operates	  in	  the	  Basin.	  	  
Agricultural	  production	  includes	  cattle,	  alfalfa,	  corn,	  potatoes,	  and	  other	  crops.	  	  


Air	  quality	  monitoring	  in	  the	  Basin	  began	  in	  2006	  when	  the	  Utah	  Department	  of	  Environmental	  Quality	  
(UDEQ)	  installed	  monitors	  in	  Vernal	  to	  measure	  fine	  particulate	  matter	  (PM2.5),	  ozone,	  and	  NOx.	  	  Data	  
were	  collected	  from	  February	  2006	  through	  December	  2007.	  	  Eight-‐hour	  ozone	  averages	  as	  high	  as	  81	  
ppb	  were	  found	  in	  the	  summer.	  	  No	  exceedances	  of	  the	  eight-‐hour	  standard	  for	  ozone	  were	  noted	  
during	  winter.	  	  Two	  additional	  studies	  were	  conducted	  during	  the	  winters	  of	  2007-‐08	  and	  2008-‐09,	  but	  
these	  focused	  on	  PM2.5,	  since	  no	  elevated	  winter	  ozone	  values	  had	  been	  observed	  in	  2006-‐07.	  


In	  the	  spring	  of	  2009,	  monitoring	  sites	  at	  Ouray	  and	  Red	  Wash	  in	  the	  oil	  and	  gas	  production	  area	  of	  the	  
Basin	  were	  established	  as	  part	  of	  a	  consent	  decree.	  	  These	  sites	  were	  instrumented	  to	  measure	  PM2.5,	  
NOx,	  ozone,	  and	  meteorological	  parameters	  year-‐round.	  	  In	  contrast	  with	  the	  relatively	  low	  ozone	  values	  
of	  winter	  2006-‐07,	  winter	  2009-‐10	  experienced	  ozone	  concentrations	  in	  exceedance	  of	  the	  standard.	  	  
The	  highest	  eight-‐hour	  average	  was	  124	  ppb,	  while	  the	  fourth	  highest	  eight-‐hour	  value	  was	  117	  ppb	  
(median	  eight-‐hour	  daily	  maximum	  was	  67	  ppb).	  	  


Utah	  State	  University	  (USU)	  conducted	  a	  study	  in	  the	  winter	  of	  2010-‐11	  to	  confirm	  the	  presence	  of	  
elevated	  winter	  ozone	  concentrations,	  map	  the	  spatial	  extent	  of	  elevated	  ozone	  levels,	  and	  investigate	  
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the	  meteorological	  and	  chemical	  conditions	  associated	  with	  the	  phenomenon	  (Martin	  et	  al.,	  2011).	  	  The	  
2010-‐11	  USU	  study	  showed	  that	  ozone	  values	  were	  elevated	  throughout	  the	  Basin	  during	  several	  multi-‐
day	  inversion	  episodes,	  with	  the	  highest	  concentrations	  tending	  to	  occur	  at	  lower	  elevations	  in	  the	  
center	  of	  the	  Basin.	  	  The	  highest	  eight-‐hour	  ozone	  value	  measured	  at	  Ouray	  was	  139	  ppb	  (fourth	  highest	  
eight-‐hour	  value	  of	  116	  ppb;	  median	  eight-‐hour	  daily	  maximum	  of	  69	  ppb).	  	  Elevated	  ozone	  was	  only	  
observed	  in	  the	  presence	  of	  snow-‐covered	  ground	  and	  strong	  temperature	  inversions.	  


2011-‐12	  Uintah	  Basin	  Ozone	  Study	  
A	  field	  campaign	  involving	  multiple	  investigators	  and	  measurement	  approaches	  was	  mounted	  in	  the	  
winter	  of	  2011-‐12	  to	  gain	  a	  more	  complete	  understanding	  of	  factors	  contributing	  to	  elevated	  wintertime	  
ozone	  in	  the	  Basin.	  	  UBOS	  2011-‐12	  consisted	  of	  six	  components,	  as	  listed	  in	  Table	  1.	  	  Figure	  2	  shows	  a	  
map	  of	  measurement	  sites	  used	  during	  the	  study.	  


	  


Table	  1.	  	  Report	  Chapters	  and	  principal	  research	  groups.	  


CHAPTER	   RESEARCH	  GROUP	  


1. Long-‐Term	  Monitoring	  for	  Ozone	  and	  Key	  
Precursor	  Species	  


Utah	  State	  University	  and	  Utah	  Department	  of	  
Environmental	  Quality	  	  


2. Distributed	  Monitoring	  of	  Ozone,	  Precursors,	  and	  
Meteorology	  


Utah	  State	  University	  and	  Utah	  Department	  of	  
Environmental	  Quality	  


3. Intensive	  Measurements	  at	  the	  Horse	  Pool	  Site	   NOAA	  Chemical	  Sciences	  Division	  and	  others	  	  


4. Emissions	  Inventory	  Report	   Utah	  State	  University	  


5A. Source	  Characterization,	  Attribution,	  and	  Ozone	  
Distribution	  in	  the	  Uintah	  Basin	  using	  the	  NOAA	  
Mobile	  Laboratory	  


5B. Tethered	  Ozonesonde	  Measurements	  in	  the	  
Uintah	  Basin	  


NOAA	  Earth	  System	  Research	  Laboratory	  and	  others	  


6. Continuous	  Vertical	  Profiling	  of	  Meteorological	  
Variables,	  Ozone,	  Nitrogen	  Oxides,	  Methane,	  and	  
Total	  Hydrocarbons	  


University	  of	  Colorado,	  Boulder	  


7. The	  Potential	  for	  Ozone	  Production	  in	  the	  Uintah	  
Basin:	  A	  Climatological	  Analysis	  


Utah	  State	  University	  	  
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Figure	  2.	  	  UBOS	  2011-‐12	  sites.	  	  Long-‐term	  sites	  from	  Chapter	  1	  are	  shown	  in	  red;	  all	  others	  in	  blue.	  	  
Cities	  and	  the	  Horse	  Pool	  site	  are	  labeled.	  
	  


Study	  management	  and	  coordination	  was	  provided	  by	  the	  Utah	  Division	  of	  Environmental	  Quality	  with	  
support	  from	  the	  Bureau	  of	  Land	  Management.	  	  An	  oversight	  team	  and	  science	  steering	  committee	  
directed	  the	  study.	  	  The	  oversight	  team	  consisted	  of	  representatives	  from	  Utah	  Department	  of	  
Environmental	  Quality,	  Western	  Energy	  Alliance,	  Uintah	  Impact	  Mitigation	  Special	  Service	  District,	  
Bureau	  of	  Land	  Management,	  and	  US	  Environmental	  Protection	  Agency.	  	  The	  science	  steering	  
committee	  consisted	  of	  representatives	  from	  US	  Environmental	  Protection	  Agency;	  Western	  Energy	  
Alliance;	  National	  Oceanic	  and	  Atmospheric	  Administration;	  University	  of	  Colorado,	  Boulder;	  Utah	  State	  
University;	  and	  Utah	  Department	  of	  Environmental	  Quality.	  


A	  list	  of	  all	  entities	  involved	  in	  the	  study	  is	  given	  on	  the	  title	  page.	  


Study	  Report	  
Each	  participating	  research	  group	  reported	  its	  individual	  methods,	  results,	  conclusions,	  etc.	  	  These	  
reports	  are	  included	  as	  chapters	  in	  this	  document	  (Table	  1).	  	  A	  summary	  of	  winter	  ozone	  studies	  in	  the	  
UGRB	  of	  southwestern	  Wyoming	  was	  also	  prepared	  in	  conjunction	  with	  this	  study	  and	  is	  available	  
separately	  (Hall	  et	  al.,	  2012).	  	  


Utah	  State	  University	  and	  contracted	  representatives	  of	  Alpine	  Geophysics	  and	  ENVIRON	  International	  
were	  tasked	  with	  preparing	  a	  final	  report	  that	  synthesizes	  and	  presents	  study	  findings.	  	  This	  sections,	  
“Synopsis	  of	  Results,”	  has	  been	  written	  as	  a	  series	  of	  responses	  to	  a	  set	  of	  key	  questions	  focused	  on	  the	  
study	  objectives	  as	  listed	  below.	  	  For	  each	  response,	  a	  brief	  background	  discussion	  explaining	  the	  
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significance	  of	  the	  question	  is	  provided,	  followed	  by	  a	  set	  of	  findings	  that	  answers	  the	  question	  in	  
different	  ways.	  	  Each	  response	  concludes	  with	  a	  summary	  of	  the	  main	  points	  of	  the	  findings.	  	  	  


Questions	  are	  grouped	  by	  subject	  area	  as	  follows:	  	  	  


A. Physical	  Characteristics	  and	  Meteorology	  


A.1 What	  are	  the	  key	  characteristics	  of	  meteorological	  conditions	  associated	  with	  ozone	  
exceedances	  in	  the	  Basin?	  


A.2 Was	  the	  difference	  between	  ozone	  concentrations	  in	  2011-‐12	  and	  previous	  winters	  a	  
result	  of	  changes	  in	  meteorology	  or	  precursor	  emissions?	  


A.3 What	  is	  the	  climatological	  frequency	  of	  meteorological	  conditions	  that	  are	  conducive	  
to	  ozone	  formation	  in	  the	  Uintah	  Basin?	  


A.4 What	  role	  does	  transport	  of	  ozone	  or	  ozone	  precursors	  into	  the	  Basin	  play	  in	  
generating	  elevated	  ozone	  concentrations?	  


A.5 What	  similarities	  and	  differences	  are	  there	  between	  the	  Uintah	  Basin	  and	  the	  Upper	  
Green	  River	  Basin	  in	  Wyoming?	  


A.6 Does	  significant	  vertical	  stratification	  of	  precursors	  occur?	  	  If	  so,	  what	  role	  does	  this	  
play	  in	  ozone	  formation?	  


	  


B. Atmospheric	  Chemistry	  of	  Ozone	  Formation	  


B.1 Do	  pathways	  for	  ozone	  production	  exist	  that	  are	  unique	  to	  wintertime	  ozone	  events?	  


B.2 Do	  VOC	  speciation	  and	  reactivity	  in	  the	  Basin	  have	  unique	  characteristics	  that	  
contribute	  to	  wintertime	  ozone	  production?	  


	  


C. Sources	  of	  Ozone	  Precursor	  Emissions	  


What	  are	  the	  primary	  sources	  of	  ozone	  precursor	  emissions	  in	  the	  Basin?	  	  


	  


D. Mitigation	  Strategies	  


What	  possible	  mitigation	  strategies	  should	  be	  considered	  for	  adoption	  in	  the	  Uintah	  Basin?	  


	  


E. Additional	  Information	  Needs	  and	  Modeling	  Issues	  


E.1 What	  special	  challenges	  does	  the	  Basin	  pose	  for	  meteorological	  modeling?	  	  


E.2 Can	  the	  formulation	  of	  existing	  1-‐D	  box	  and	  more	  complex	  transport	  and	  chemical	  
models	  represent	  the	  observed	  phenomena	  in	  the	  Basin?	  	  If	  not,	  what	  are	  the	  most	  
urgent	  needs	  for	  improving	  model	  representation?	  


E.3 What	  are	  the	  main	  issues	  regarding	  winter	  ozone	  formation	  that	  should	  be	  the	  focus	  
of	  future	  studies?	  
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PART	  A:	  PHYSICAL	  CHARACTERISTICS	  AND	  METEOROLOGY	  


Question	  A.1	  
What	  are	  the	  key	  characteristics	  of	  meteorological	  conditions	  associated	  with	  ozone	  exceedances	  in	  
the	  Basin?	  	  	  


Background	  
While	  meteorological	  conditions	  during	  the	  2011-‐12	  Uintah	  Basin	  Ozone	  Study	  were	  not	  
conducive	  to	  the	  formation	  of	  ozone	  levels	  in	  excess	  of	  the	  EPA	  75	  ppb	  eight-‐hour	  standard,	  
information	  about	  the	  key	  meteorological	  conditions	  associated	  with	  winter	  ozone	  episodes	  is	  
available	  from	  data	  collected	  in	  previous	  years	  and	  from	  data	  collected	  in	  the	  UGRB,	  a	  basin	  
with	  similar	  characteristics	  and	  similar	  winter	  ozone	  issues	  (Question	  A.5).	  	  Studies	  in	  the	  UGRB	  
indicate	  that	  ozone	  episodes	  occur	  under	  clear	  skies	  during	  strong	  temperature	  inversions	  and	  
in	  the	  presence	  of	  extensive	  snow	  cover	  (ENVIRON,	  2008;	  Schnell	  et	  al.,	  2009;	  Stoeckenius	  and	  
Ma,	  2010).	  	  Comparisons	  of	  data	  collected	  during	  different	  winter	  seasons	  in	  which	  snow	  cover	  
was	  and	  was	  not	  present	  indicate	  that	  snow	  cover	  is	  the	  key	  requirement	  for	  ozone	  formation.	  	  
Box	  modeling	  of	  winter	  ozone	  events	  in	  the	  UGRB	  indicate	  that	  the	  high	  albedo	  of	  the	  snow	  is	  
one	  of	  the	  key	  drivers	  of	  ozone	  formation	  (Nopmongcol	  et	  al.,	  2010;	  Carter	  and	  Seinfeld,	  2012).	  	  
In	  addition,	  it	  is	  hypothesized	  that	  snow	  cover	  promotes	  retention	  of	  the	  strong	  nocturnal	  
surface	  inversion	  during	  the	  day,	  thus	  trapping	  pollutants	  near	  the	  surface	  and	  increasing	  ozone	  
precursor	  concentrations	  and	  ozone	  production	  rates.	  	  Martin	  et	  al.	  (2011)	  found	  that	  similar	  
conditions	  are	  required	  for	  ozone	  formation	  in	  the	  Uintah	  Basin.	  


Findings	  
Finding	  A.1.1:	  	  Snow	  cover	  and	  strong	  inversions	  with	  low	  mixed	  layer	  heights	  are	  required	  for	  
formation	  of	  elevated	  winter	  ozone	  concentrations	  in	  the	  Uintah	  Basin.	  	  Meteorological	  
conditions	  during	  the	  2011-‐12	  UBOS	  period	  differed	  from	  those	  in	  the	  previous	  two	  winters	  in	  
that	  snow	  cover	  was	  not	  present,	  daytime	  temperature	  inversions	  were	  rare,	  and	  no	  
exeedances	  of	  the	  ozone	  NAAQS	  were	  observed.	  	  	  


In	  all	  cases,	  ozone	  exceedances	  in	  the	  Uintah	  Basin	  have	  occurred	  during	  cold	  pool	  events	  when	  
stagnant	  weather	  conditions	  combined	  with	  extensive	  snow	  cover	  resulted	  in	  an	  extremely	  
shallow	  temperature	  inversion	  which	  trapped	  pollutants	  near	  the	  surface	  (mixed	  layer	  heights	  of	  
20-‐80	  m	  were	  measured	  by	  Martin	  et	  al.,	  2011,	  during	  ozone-‐producing	  conditions).	  	  	  


In	  contrast	  to	  the	  2009-‐10	  and	  2010-‐11	  seasons,	  snow	  cover	  was	  nearly	  absent	  during	  the	  UBOS	  
2011-‐12	  period,	  little	  local	  ozone	  production	  was	  observed	  (Chapter	  3),	  and	  daytime	  ozone	  
maxima	  were	  consistently	  below	  the	  NAAQS	  	  (Chapter	  2).	  	  A	  comparison	  of	  hourly	  ozone	  
concentrations	  for	  January	  –	  March	  2011	  with	  the	  same	  period	  in	  2012	  shows	  the	  marked	  
difference	  between	  these	  two	  years	  (Figure	  3).	  	  Several	  multi-‐day	  periods	  of	  elevated	  ozone	  
concentrations	  were	  observed	  in	  winter	  2010-‐11,	  and	  eight-‐hour	  average	  ozone	  concentrations	  
at	  Ouray	  reached	  a	  maximum	  of	  139	  ppb	  (with	  25	  exceedances	  of	  the	  eight-‐hour	  standard).	  	  
Median	  ozone	  values	  for	  all	  sites	  in	  2010-‐11	  ranged	  from	  34-‐52	  ppb.	  	  In	  contrast,	  the	  highest	  
eight-‐hour	  average	  ozone	  value	  during	  the	  2011-‐12	  study	  was	  63	  ppb,	  and	  median	  values	  at	  
sites	  ranged	  from	  28-‐46	  ppb.	  
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Figure	  3.	  	  Comparison	  of	  hourly	  average	  surface	  ozone	  concentrations	  at	  multiple	  monitoring	  sites	  in	  the	  
Uintah	  Basin	  for	  Jan.-‐Mar.	  2011	  (top)	  and	  2012	  (bottom);	  see	  Figure	  2	  for	  monitoring	  site	  locations.	  


	  


In	  Chapter	  7,	  Mansfield	  and	  Hall	  construct	  pseudo-‐vertical	  temperature	  profiles	  by	  examining	  
surface	  temperature	  readings	  from	  stations	  located	  at	  different	  altitudes	  within	  and	  along	  the	  
edge	  of	  the	  Uintah	  Basin.	  	  This	  analysis	  shows	  inversion	  conditions	  that	  occurred	  during	  2011	  
were	  not	  present	  in	  2012.	  	  Mansfield	  and	  Hall	  also	  construct	  a	  statistical	  model	  of	  ozone	  and	  
meteorological	  data	  from	  2009-‐2012	  that	  confirms	  the	  role	  of	  temperature	  inversions	  and	  snow	  
depth	  in	  ozone	  formation.	  


The	  statistical	  model	  developed	  in	  Chapter	  7	  shows	  that	  years	  with	  snow	  cover	  tend	  to	  have	  
more	  daytime	  temperature	  inversions,	  giving	  weight	  to	  the	  hypothesis	  that	  snow	  cover	  
enhances	  inversion	  formation	  by	  reflecting	  incoming	  solar	  energy	  and	  limiting	  surface	  heating.	  	  
The	  statistical	  model	  also	  shows	  the	  influence	  of	  overnight	  carryover	  of	  ozone	  and	  ozone	  
precursors:	  longer,	  multi-‐day	  periods	  with	  inversions	  and	  snow	  cover	  were	  characterized	  by	  
higher	  ozone	  levels	  than	  shorter	  periods.	  	  Table	  2,	  adapted	  from	  Chapter	  7,	  demonstrates	  the	  
association	  between	  snow	  cover	  and	  ozone.	  
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Table	  2.	  	  Highest	  wintertime	  ozone	  concentrations	  (eight-‐hour	  average)	  and	  number	  of	  exceedances	  of	  
the	  eight-‐hour	  standard	  at	  Ouray	  for	  each	  year	  for	  which	  data	  are	  available.	  	  Also	  included	  is	  the	  
number	  of	  days	  during	  which	  snow	  depth	  exceeded	  50	  mm.	  


Year	   Highest	  8-‐hr	  Value	  	  	  	  
(ppb)	  


Number	  of	  Ozone	  
Exceedances	  


Days	  with	  Snow	  Depth	  	  	  	  	  
>	  50	  mm	  


2009-‐10	   124	   36	   94	  
2010-‐11	   139	   25	   81	  
2011-‐12	   63	   0	   0	  
	  


Finding	  A.1.2:	  	  Elevated	  ozone	  episodes	  occur	  most	  frequently	  during	  February.	  


Chapter	  7	  shows	  that	  while	  average	  snow	  depth	  and	  the	  frequency	  and	  strength	  of	  temperature	  
inversions	  in	  the	  Basin	  peak	  in	  January,	  elevated	  ozone	  episodes	  are	  most	  common	  in	  February	  
(based	  on	  the	  limited	  observational	  record),	  due	  to	  what	  Mansfield	  and	  Hall	  hypothesize	  is	  the	  
rapid	  decrease	  in	  noon	  solar	  zenith	  angles	  following	  the	  winter	  solstice.	  	  The	  angle	  between	  the	  
noon	  sun	  and	  vertical	  is	  usually	  too	  large	  (i.e.,	  incoming	  solar	  radiation	  is	  not	  adequately	  
abundant)	  to	  drive	  strong	  photochemical	  reactions	  until	  February.	  	  Exceptions	  can	  occur,	  
however:	  an	  eight-‐hour	  ozone	  value	  of	  101	  ppb	  was	  recorded	  at	  Ouray	  on	  23	  Dec.	  2009.	  	  While	  
solar	  zenith	  angles	  continue	  to	  decrease	  until	  the	  summer	  solstice	  in	  June,	  snow	  typically	  melts	  
in	  March,	  thereby	  ending	  the	  winter	  ozone	  season.	  	  A	  similar	  seasonal	  effect	  was	  noted	  in	  the	  
UGRB	  by	  Stoeckenius	  and	  Ma	  (2010).	  	  	  


Conclusion	  
Snow	  cover	  is	  a	  necessary	  condition	  for	  formation	  of	  winter	  ozone	  episodes.	  	  Snow	  cover	  
increases	  solar	  radiation	  and	  the	  propensity	  for	  inversions,	  two	  additional	  important	  conditions	  
for	  winter	  ozone	  formation.	  	  Elevated	  ozone	  episodes	  are	  most	  common	  in	  February	  when	  the	  
noon	  solar	  zenith	  angle	  has	  decreased	  sufficiently	  from	  its	  winter	  solstice	  maximum.	  


	  


Question	  A.2	  
Was	  the	  difference	  between	  ozone	  concentrations	  in	  2011-‐12	  and	  previous	  winters	  a	  result	  of	  changes	  
in	  meteorology	  or	  precursor	  emissions?	  


Background	  
Day-‐to-‐day	  variations	  in	  ozone	  concentrations	  in	  most	  urban	  air	  basins	  have	  been	  shown	  to	  be	  
dominated	  by	  meteorological	  factors	  (e.g.,	  Solomon	  et	  al.,	  2000;	  NRC,	  1991).	  	  Day-‐to-‐day	  
variations	  in	  emissions	  from	  oil	  and	  gas	  operations	  and	  other	  significant	  ozone	  precursor	  
sources	  in	  the	  Uintah	  Basin	  are	  expected	  to	  be	  small	  (with	  some	  important	  exceptions	  such	  as	  
drilling	  and	  well	  completions,	  pipeline	  venting,	  etc.)	  and,	  as	  in	  the	  more	  extensively	  studied	  
urban	  air	  basins,	  day-‐to-‐day	  variations	  in	  ozone	  concentrations	  in	  the	  Basin	  are	  likely	  to	  be	  
driven	  more	  by	  meteorological	  conditions	  than	  by	  changes	  in	  emissions.	  	  	  


Emissions	  from	  some	  oil	  and	  gas	  production	  activities	  (including	  drilling	  and	  completions,	  
heaters,	  venting,	  and	  other	  processes)	  can	  vary	  on	  larger	  time	  scales	  (seasonal,	  annual)	  in	  
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response	  to	  market	  forces,	  regulation,	  weather,	  etc.,	  potentially	  creating	  fluctuations	  in	  
precursor	  emissions	  and	  leading	  to	  variations	  in	  ozone	  levels.	  	  	  


Since	  ozone	  formation	  is	  a	  result	  of	  non-‐linear	  chemical	  reactions	  among	  precursors,	  reductions	  
or	  increases	  in	  precursor	  emissions	  do	  not	  necessarily	  lead	  to	  proportionate	  reductions	  or	  
increases	  in	  ozone	  concentrations.	  	  The	  effects	  of	  changes	  in	  precursor	  emissions,	  therefore,	  will	  
need	  to	  be	  evaluated	  with	  a	  photochemical	  model	  to	  determine	  how	  emission	  changes	  affect	  
ozone	  concentrations.	  


Findings	  
Finding	  A.2.1:	  	  Low	  ozone	  concentrations	  in	  2011-‐12	  relative	  to	  previous	  years	  were	  not	  
accompanied	  by	  a	  decrease	  in	  oil	  and	  gas	  production	  activities.	  Meteorological	  measurements	  
and	  analyses	  indicate	  that	  differences	  in	  the	  ozone	  concentrations	  observed	  in	  2009-‐10,	  2010-‐
11,	  and	  2011-‐12	  were	  mostly	  due	  to	  differences	  in	  meteorological	  conditions.	  


Ozone	  precursor	  emissions	  inventories	  showing	  differences	  in	  the	  2009-‐10,	  2010-‐11,	  and	  2011-‐
12	  winter	  seasons	  currently	  are	  not	  available.	  	  However,	  drilling	  and	  production	  data	  from	  the	  
Utah	  Division	  of	  Oil,	  Gas,	  and	  Mining	  (Utah	  DOGM,	  2012)	  suggest	  that	  activity	  in	  the	  Uintah	  
Basin	  increased	  between	  2009	  and	  2012	  (Figure	  4).	  	  Furthermore,	  no	  significant	  new	  emission	  
control	  measures	  were	  introduced	  during	  this	  period.	  	  It	  is	  unlikely,	  therefore,	  that	  overall	  
emissions	  would	  have	  decreased	  so	  significantly	  as	  to	  account	  for	  the	  lower	  ozone	  observed	  in	  
2011-‐12	  compared	  to	  2010-‐11.	  	  Differences	  in	  ozone	  concentrations	  among	  the	  2009-‐10,	  2010-‐
11,	  and	  2011-‐12	  winter	  seasons	  were	  accurately	  simulated	  in	  Chapter	  7	  by	  a	  statistical	  model	  
that	  included	  several	  meteorological	  parameters	  but	  did	  not	  incorporate	  changes	  in	  precursor	  
emissions.	  	  	  
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Figure	  4.	  	  Recent	  annual	  drilling	  and	  production	  activity	  trend	  in	  the	  Uintah	  Basin	  (Uintah	  and	  Duchesne	  
Counties)	  as	  a	  percentage	  of	  production	  in	  2008	  (Utah	  DOGM,	  2012).	  	  2012	  spud	  counts	  (indicating	  
number	  of	  wells	  where	  drilling	  was	  started)	  were	  extrapolated	  from	  Jan.-‐Aug.	  data,	  and	  2012	  production	  
statistics	  were	  extrapolated	  based	  on	  Jan.-‐May	  data.	  
	  


Conclusions	  
Meteorological	  conditions	  are	  the	  primary	  driving	  factor	  behind	  recent	  inter-‐annual	  variations	  in	  
Uintah	  Basin	  ozone	  concentrations,	  though	  ozone	  production	  does	  in	  fact	  depend	  on	  precursor	  
concentrations	  in	  addition	  to	  meteorology.	  	  UBOS	  2011-‐12	  results	  show	  that	  the	  strong	  inter-‐
annual	  variability	  in	  wintertime	  meteorological	  conditions	  obscures	  relatively	  small	  changes	  in	  
emissions,	  but	  large	  changes	  in	  emissions	  would	  be	  likely	  to	  have	  discernable	  impacts	  on	  winter	  
ozone	  formation.	  


	  


Question	  A.3	  
What	  is	  the	  climatological	  frequency	  of	  meteorological	  conditions	  that	  are	  conducive	  to	  ozone	  
formation	  in	  the	  Uintah	  Basin?	  


Background	  
Ozone	  concentrations	  in	  excess	  of	  the	  NAAQS	  were	  observed	  in	  the	  Uintah	  Basin	  during	  the	  
winters	  of	  2009-‐10	  and	  2010-‐11,	  but	  concentrations	  were	  much	  lower	  in	  2011-‐12.	  	  These	  inter-‐
annual	  fluctuations	  have	  been	  demonstrated	  to	  be	  caused	  mostly	  by	  variations	  in	  the	  frequency	  
and	  severity	  of	  meteorological	  conditions	  favorable	  to	  ozone	  formation	  (Questions	  A.1	  and	  A.2).	  	  
A	  similar	  situation	  exists	  in	  the	  UGRB	  as	  illustrated	  in	  Figure	  5:	  ozone	  exceedances	  are	  observed	  
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in	  some	  years	  but	  concentrations	  remain	  well	  below	  the	  NAAQS	  in	  others.	  	  The	  frequency	  of	  
meteorological	  conditions	  conducive	  to	  ozone	  formation	  plays	  a	  crucial	  role	  in	  determining	  the	  
attainment	  status	  of	  the	  Basin.	  	  Estimates	  of	  the	  frequency	  of	  conditions	  conducive	  to	  ozone	  
formation	  are	  also	  useful	  in	  planning	  future	  field	  studies.	  	  


	  
Figure	  5.	  	  Monthly	  maximum	  eight-‐hour	  average	  ozone	  concentrations	  during	  the	  winter	  ozone	  season	  
at	  monitoring	  sites	  in	  the	  UGRB.	  The	  dashed	  black	  line	  indicates	  75	  ppb.	  
	  


Findings	  
Finding	  A.3.1:	  	  Conditions	  conducive	  to	  ozone	  formation	  likely	  occur	  on	  at	  least	  some	  days	  
during	  about	  half	  of	  all	  winter	  seasons,	  and	  ozone	  levels	  characteristic	  of	  a	  severe	  ozone	  
season	  (similar	  to	  winter	  2010-‐11)	  can	  be	  expected	  to	  occur	  27%	  of	  the	  time,	  assuming	  no	  
change	  in	  precursor	  emissions.	  	  	  


Mansfield	  and	  Hall	  (Chapter	  7)	  analyzed	  meteorological	  conditions	  in	  the	  Uintah	  Basin	  over	  a	  63-‐
year	  period	  (1950	  –	  2012)	  and	  estimated	  the	  historical	  frequency	  of	  meteorological	  conditions	  
conducive	  to	  formation	  of	  elevated	  ozone	  levels.	  	  They	  developed	  a	  quadratic	  regression	  model	  
that	  predicts	  the	  daily	  maximum	  eight-‐hour	  average	  ozone	  concentration	  at	  Ouray	  (which	  
usually	  experiences	  higher	  ozone	  than	  other	  sites	  in	  the	  Basin	  during	  ozone	  episodes)	  based	  on	  
key	  meteorological	  parameters	  including	  but	  not	  limited	  to	  snow	  depth,	  low	  level	  temperature	  
lapse	  rate,	  and	  surface	  temperature	  at	  1,400	  m	  asl.	  	  The	  model	  was	  fitted	  to	  data	  from	  three	  
consecutive	  mid-‐December	  to	  mid-‐March	  winter	  seasons	  starting	  with	  the	  2009-‐10	  season	  (the	  
first	  season	  for	  which	  ozone	  data	  were	  available	  at	  Ouray).	  	  Model	  predictions	  of	  daily	  maximum	  
ozone	  concentrations	  were	  then	  examined	  for	  the	  full	  63-‐year	  meteorological	  data	  set	  to	  
determine	  the	  predicted	  frequency	  of	  conditions	  associated	  with	  elevated	  ozone	  
concentrations.	  	  Results	  of	  this	  analysis	  showed	  that,	  assuming	  emission	  levels	  equivalent	  to	  the	  
average	  levels	  occurring	  during	  the	  2009-‐10,	  2010-‐11	  and	  2011-‐12	  winter	  seasons,	  27%	  of	  the	  
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past	  63	  winter	  seasons	  are	  estimated	  to	  have	  had	  conditions	  at	  least	  as	  conducive	  to	  formation	  
of	  high	  ozone	  as	  2010-‐11.	  	  Forty-‐four	  percent	  of	  years	  were	  estimated	  to	  be	  compliant	  with	  the	  
ozone	  NAAQS.	  	  It	  must	  be	  noted,	  however,	  that	  these	  results	  are	  based	  on	  observations	  of	  the	  
correlations	  between	  ozone	  and	  meteorological	  conditions	  over	  just	  three	  winter	  seasons.	  	  
Estimated	  frequencies	  of	  conditions	  conducive	  or	  not	  conducive	  to	  ozone	  episodes	  may	  change	  
as	  more	  data	  are	  collected.	  	  


Conclusions	  
Based	  on	  the	  limited	  data	  currently	  available,	  meteorological	  conditions	  conducive	  to	  ozone	  
concentrations	  exceeding	  75	  ppb	  occur	  in	  approximately	  half	  of	  all	  winter	  seasons.	  	  Seasons	  at	  
least	  as	  extreme	  as	  the	  elevated	  ozone	  conditions	  of	  2010-‐11	  are	  likely	  to	  occur	  in	  27%	  of	  years.	  	  	  


	  


Question	  A.4	  
What	  role	  does	  transport	  of	  ozone	  or	  ozone	  precursors	  into	  the	  Basin	  play	  in	  generating	  elevated	  
ozone	  concentrations?	  


Background	  
Determining	  the	  relative	  contributions	  of	  sources	  located	  outside	  of	  the	  Basin	  to	  ozone	  episodes	  
in	  the	  Basin	  is	  a	  fundamentally	  important	  step	  in	  designing	  an	  appropriate	  control	  strategy.	  	  
Studies	  conducted	  to	  date	  do	  not	  focus	  specifically	  on	  the	  question	  of	  transport	  of	  ozone	  and	  
precursors	  in	  the	  Uintah	  Basin,	  but	  they	  do	  provide	  information	  about	  the	  influence	  of	  transport	  
processes	  on	  in-‐Basin	  ozone	  concentrations.	  


Regional	  background	  ozone	  measured	  at	  remote	  locations	  in	  the	  intermountain	  West	  have	  been	  
reported	  by	  Vingarzan	  (2004)	  to	  range	  from	  37	  to	  47	  ppb	  (range	  of	  annual	  medians	  for	  
Yellowstone	  and	  Rocky	  Mountain	  National	  Parks)	  and	  by	  Brodin	  et	  al.	  (2010)	  to	  range	  from	  27	  to	  
50	  ppb	  (10th	  to	  90th	  percentile	  range	  for	  wintertime	  near	  Boulder,	  Colorado).	  	  Ozonesonde	  data	  
collected	  well	  above	  the	  surface	  inversion	  during	  January-‐March	  in	  the	  UGRB	  showed	  
concentrations	  ranging	  between	  55	  and	  65	  ppb	  (ENVIRON,	  2008).	  	  In	  the	  absence	  of	  local	  
production,	  ozone	  within	  the	  Uintah	  Basin	  is	  expected	  to	  be	  transported	  from	  global	  and	  
regional	  sources,	  and	  concentrations	  are	  expected	  to	  fall	  within	  the	  range	  of	  these	  background	  
values.	  


In	  evaluating	  the	  significance	  of	  the	  role	  of	  transported	  ozone	  in	  local	  ozone	  production	  
episodes,	  it	  is	  important	  to	  keep	  in	  mind	  that	  local	  ozone	  production	  does	  not	  simply	  add	  to	  the	  
pre-‐existing	  background	  ozone.	  	  Instead,	  local	  precursor	  emissions	  and	  resulting	  reaction	  
products	  interact	  with	  transported	  ozone	  and	  ozone	  precursors	  in	  complex	  ways.	  	  The	  
contribution	  of	  background	  pollutants	  to	  ozone	  episodes	  within	  the	  Basin	  can	  best	  be	  evaluated	  
using	  a	  photochemical	  model	  that	  accurately	  simulates	  winter	  ozone	  formation.	  	  Modeling	  tools	  
such	  as	  Ozone	  Source	  Apportionment	  Technology	  (OSAT;	  CAMx,	  2012)	  and	  sensitivity	  analyses	  
(for	  example,	  the	  higher-‐order	  direct	  decoupled	  method;	  Hakami	  et	  al.,	  2003;	  Cohan	  et	  al.,	  
2005)	  can	  then	  be	  used	  to	  evaluate	  the	  contributions	  of	  transported	  species	  to	  ozone	  
production	  in	  the	  Basin.	  	  	  
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Findings	  
Finding	  A.4.1:	  	  Under	  the	  well	  mixed	  atmospheric	  conditions	  characteristic	  of	  the	  UBOS	  2011-‐
12	  period,	  afternoon	  maximum	  one-‐hour	  average	  ozone	  measurements	  made	  at	  locations	  
along	  the	  edge	  of	  the	  Basin	  were	  not	  significantly	  different	  from	  those	  made	  in	  the	  Basin	  
interior,	  and	  were	  usually	  within	  the	  range	  of	  background	  concentrations	  reported	  for	  the	  
region.	  


Ozone	  concentrations	  exceeding	  the	  eight-‐hour	  standard	  were	  not	  observed	  during	  the	  UBOS	  
2011-‐12	  period,	  so	  direct	  observational	  evidence	  of	  transport	  under	  elevated	  ozone	  conditions	  
was	  not	  obtained.	  	  Daytime	  maximum	  ozone	  levels	  were	  nearly	  uniform	  throughout	  the	  Basin	  in	  
2011-‐12,	  in	  marked	  contrast	  to	  conditions	  during	  2010-‐11	  (Chapter	  2;	  Figure	  6).	  	  Median	  ozone	  
concentrations	  during	  winter	  2011-‐12	  ranged	  from	  28-‐46	  ppb	  for	  sites	  within	  the	  Uintah	  Basin	  
and	  41-‐46	  for	  sites	  on	  the	  Basin	  Rim	  (Chapter	  2),	  within	  the	  range	  of	  background	  ozone	  in	  the	  
region.	  	  Chemical	  evidence	  showed	  that	  a	  limited	  amount	  of	  photochemistry	  and	  ozone	  
production	  did	  occur	  (Chapter	  3).	  	  Significant	  nighttime	  surface	  ozone	  depletion	  affected	  ozone	  
concentrations	  in	  the	  center	  of	  the	  Basin	  and	  in	  population	  centers	  (Chapters	  2	  and	  3).	  	  
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Figure	  6.	  	  Highest	  1-‐hour	  average	  ozone	  concentrations	  in	  the	  Basin	  during	  the	  2011	  study	  on	  16	  Feb.	  
2011	  at	  15:00	  (top)	  and	  the	  2012	  study	  on	  10	  Mar.	  2012	  at	  15:00	  (bottom)	  (Chapter	  2).	  	  Color	  scale	  
intervals	  are	  the	  same	  for	  both	  panels.	  	  Contour	  lines	  are	  10	  ppb	  for	  2011	  map,	  5	  ppb	  for	  2012	  map.	  


	  


Monitoring	  data	  from	  elevated	  ozone	  periods	  in	  winter	  2010-‐11	  showed	  that	  ozone	  at	  
monitoring	  sites	  along	  the	  margins	  of	  the	  Basin	  were	  near	  background	  levels	  and	  much	  below	  
levels	  in	  the	  Basin	  interior	  (Figure	  6).	  	  This	  observation,	  together	  with	  light	  winds,	  rapid	  decrease	  
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in	  ozone	  with	  elevation,	  and	  very	  low	  mixing	  heights	  observed	  during	  the	  2010-‐11	  episodes	  is	  
consistent	  with	  a	  limited	  influence	  of	  transport	  on	  increases	  in	  ozone	  above	  typical	  background	  
levels.	  	  Stoeckenius	  and	  Ma	  (2010)	  reached	  a	  similar	  conclusion	  for	  the	  UGRB.	  	  	  


Finding	  A.4.2:	  	  Data	  collected	  to	  date	  do	  not	  support	  a	  major	  role	  for	  precursor	  emissions	  
transport	  on	  wintertime	  ozone	  production	  in	  the	  Basin.	  	  Strong	  evidence	  exists	  that	  most	  NOx	  
and	  VOC	  in	  the	  Basin	  are	  derived	  from	  local	  sources.	  


Detailed	  analyses	  of	  the	  relationships	  between	  pollutant	  levels	  within	  the	  Basin	  and	  levels	  in	  air	  
masses	  entering	  the	  Basin	  were	  not	  conducted	  as	  part	  of	  UBOS	  2011-‐12;	  however,	  passive	  
monitoring	  of	  weekly	  average	  NOx	  and	  C6	  –	  C11	  VOC	  showed	  no	  elevated	  values	  at	  sites	  located	  
on	  the	  edges	  of	  the	  Basin.	  	  Passive	  VOC	  monitoring	  showed	  values	  at	  the	  margins	  of	  the	  Basin	  
were	  much	  less	  than	  at	  the	  center	  of	  the	  Basin	  where	  oil	  and	  gas	  wells	  are	  concentrated,	  
suggesting	  that	  sources	  within	  the	  Basin	  contributed	  significantly	  to	  in-‐Basin	  air	  quality	  during	  
the	  study	  period	  (Chapter	  2).	  	  


While	  precursor	  measurements	  at	  locations	  along	  the	  Basin	  margins	  were	  not	  available	  from	  the	  
2010-‐11	  ozone	  episode	  periods,	  the	  lack	  of	  any	  nearby	  precursor	  sources	  and	  the	  isolation	  of	  
the	  surface	  air	  mass	  within	  the	  Basin	  from	  the	  surrounding	  region	  under	  the	  strong,	  shallow	  
inversions	  characteristic	  of	  episode	  events	  strongly	  suggest	  that	  precursor	  transport	  is	  not	  an	  
important	  factor	  (Martin	  et	  al.,	  2011).	  	  


Average	  diurnal	  profiles	  of	  NOx	  at	  Roosevelt	  and	  Red	  Wash	  show	  peaks	  that	  coincide	  with	  times	  
of	  expected	  peak	  traffic	  periods	  (Chapter	  1;	  Figure	  7).	  	  The	  sharp	  morning	  peak	  and	  lower	  
afternoon	  peak	  at	  Roosevelt	  (which	  are	  somewhat	  modified	  at	  Red	  Wash)	  are	  typical	  of	  more	  
urban	  or	  traffic-‐impacted	  areas.	  	  The	  afternoon	  peaks	  in	  these	  urban	  profiles	  are	  likely	  lower	  for	  
several	  reasons	  such	  as	  greater	  atmospheric	  mixing	  during	  the	  late	  afternoon	  and	  a	  broader	  
afternoon	  peak	  in	  traffic	  as	  compared	  to	  the	  morning.	  	  The	  NOx	  profiles	  at	  Ouray	  and	  Horse	  Pool	  
exhibit	  a	  mid-‐day	  peak	  that	  coincides	  with	  a	  mid-‐day	  peak	  in	  traffic	  from	  a	  road	  26	  m	  north	  of	  
the	  Horse	  Pool	  monitoring	  site	  (Chapter	  1).	  	  The	  gradual	  overnight	  NOx	  buildup	  at	  Ouray	  and	  
Horse	  Pool	  suggests	  that	  more	  constant	  NOx	  sources	  are	  also	  impacting	  these	  two	  sites.	  	  The	  
remote	  Rabbit	  Mountain	  site	  has	  a	  flat	  profile	  consistent	  with	  a	  lack	  of	  any	  on-‐road	  source	  
influence.	  	  These	  results	  suggest	  that	  on-‐road	  mobile	  sources	  are	  a	  driver	  of	  diurnal	  changes	  in	  
NOx	  concentrations	  at	  some	  locations	  in	  the	  Basin.	  
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Figure	  7.	  	  Average	  diurnal	  profiles	  of	  NOx	  at	  five	  monitoring	  sites	  in	  the	  Basin	  (Chapter	  1).	  
	  


Passive	  VOC	  monitoring	  at	  multiple	  locations	  in	  the	  Basin	  showed	  that	  the	  concentration	  of	  
heavier	  (C6-‐C11)	  VOC	  were	  highest	  in	  the	  oil	  and	  gas	  producing	  areas	  and	  were	  correlated	  with	  
the	  number	  of	  wells	  located	  within	  6	  km	  of	  the	  monitoring	  site	  (Chapter	  2).	  	  VOC	  composition	  
also	  varied	  by	  location,	  with	  aromatics	  and	  cycloalkanes	  more	  abundant	  in	  gas	  producing	  areas	  
than	  in	  oil	  producing	  areas.	  	  Data	  from	  the	  NOAA	  mobile	  lab	  showed	  significant	  methane	  
enhancement	  above	  background	  levels	  and	  strong	  correlations	  of	  methane	  with	  alkanes	  
(Chapter	  5).	  	  The	  mobile	  lab	  also	  showed	  high	  concentrations	  of	  VOC	  downwind	  of	  known	  oil	  
and	  gas-‐related	  sources.	  	  Methane	  data	  from	  multiple	  sites	  indicate	  that	  areas	  with	  high	  
concentrations	  of	  gas	  wells	  (Ouray	  and	  Horse	  Pool)	  exhibited	  the	  highest	  methane	  
concentrations	  (Chapter	  1),	  consistent	  with	  methane	  data	  collected	  during	  the	  winter	  of	  2010-‐
11	  (Martin	  et	  al.,	  2011).	  	  	  	  	  


Conclusions	  
While	  studies	  conducted	  to	  date	  did	  not	  specifically	  focus	  on	  the	  question	  of	  transport	  of	  ozone	  
and	  precursors	  in	  the	  Uintah	  Basin,	  currently	  available	  evidence	  suggests	  that	  transported	  
material	  is	  not	  likely	  to	  represent	  a	  major	  contribution	  to	  peak	  ozone	  events	  in	  the	  Basin.	  	  
Additional	  data	  collection	  and	  analyses	  are	  needed	  to	  obtain	  a	  quantitative	  estimate	  of	  the	  
contribution	  of	  transported	  material	  to	  Basin	  air	  quality.	  


	  


Question	  A.5	  
What	  similarities	  and	  differences	  are	  there	  between	  the	  Uintah	  Basin	  and	  the	  Upper	  Green	  River	  
Basin	  in	  Wyoming?	  


Background	  
This	  question	  is	  relevant	  to	  understanding	  the	  factors	  associated	  with	  Uintah	  Basin	  ozone	  
episodes.	  	  A	  significant	  amount	  of	  data	  collection	  and	  analysis	  has	  been	  conducted	  in	  the	  UGRB,	  
and	  results	  from	  the	  UGRB	  studies	  can	  help	  inform	  future	  work	  in	  the	  Uintah	  Basin.	  
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Findings	  
Finding	  A.5.1:	  	  Winter	  ozone	  episodes	  in	  the	  Uintah	  Basin	  and	  UGRB	  share	  many	  key	  
characteristics	  and	  data	  collected	  in	  either	  location	  are	  likely	  to	  be	  informative	  of	  factors	  
associated	  with	  episodes	  in	  both	  basins.	  	  


Both	  the	  Uintah	  Basin	  and	  the	  UGRB	  are	  arid	  basins	  surrounded	  by	  higher	  terrain	  and	  located	  in	  
sparsely	  populated	  portions	  of	  the	  Green	  River	  drainage	  (Figure	  8)	  roughly	  250	  km	  apart	  that	  
share	  a	  similar	  climate.	  	  The	  UGRB	  is	  about	  600	  m	  higher	  in	  elevation.	  	  The	  Uintah	  Basin	  is	  
approximately	  27,700	  km2;	  the	  UGRB	  is	  18,700	  km2.	  	  Both	  basins	  experience	  elevated	  ozone	  
concentrations	  during	  winter	  cold	  pool	  events	  that	  can	  last	  up	  to	  several	  days.	  	  Both	  basins	  
contain	  intensive	  oil	  and	  gas	  exploration	  and	  production	  activity.	  	  However,	  oil	  production	  is	  
greater	  in	  the	  Uintah	  Basin	  while	  gas	  production	  dominates	  the	  UGRB	  (see	  Figure	  9).	  	  The	  Uintah	  
Basin	  contains	  about	  8000	  active	  wells	  (Chapter	  4),	  the	  UGRB	  about	  5500	  (WOGCC,	  2012).	  	  	  


	  
Figure	  8.	  	  The	  Uintah	  and	  Upper	  Green	  River	  basins.	  
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Figure	  9.	  	  Annual	  oil	  and	  gas	  production	  in	  the	  Uintah	  Basin	  (Duchesne	  and	  Uintah	  counties;	  Utah	  
DOGM,	  2012)	  and	  the	  Upper	  Green	  River	  Basin	  (Sublette	  County;	  WOGCC,	  2012).	  	  
	  


A	  2011	  winter-‐specific	  emissions	  inventory	  for	  oil	  and	  gas	  activity	  in	  the	  UGRB	  reported	  1914	  
tons	  of	  NOx	  and	  25,525	  tons	  of	  VOC	  per	  month	  (WDEQ,	  2012).	  	  Chapter	  4	  estimates	  1100-‐1300	  
tons	  of	  NOx	  and	  9300	  tons	  of	  VOC	  per	  month	  were	  emitted	  in	  the	  Uintah	  Basin	  in	  winter	  2011-‐
12.	  	  The	  UGRB	  inventory	  omits	  gas	  plants	  and	  on-‐road	  mobile	  sources,	  while	  these	  are	  6-‐7%	  of	  
NOx	  and	  <1%	  of	  VOC	  in	  the	  Uintah	  Basin	  inventory,	  respectively.	  	  Emission	  densities	  of	  0.1	  tons	  
of	  NOx	  and	  1.4	  tons	  of	  VOC	  per	  km2	  in	  the	  UGRB,	  and	  0.04	  tons	  of	  NOx	  and	  0.3	  tons	  of	  VOC	  per	  
km2	  in	  the	  Uintah	  Basin	  are	  indicated.	  


Populations	  in	  both	  basins	  are	  concentrated	  in	  small	  towns.	  	  Uintah	  and	  Duchesne	  counties	  have	  
a	  combined	  population	  of	  51,195	  (1.8	  people	  per	  km2),	  while	  the	  population	  of	  Sublette	  County,	  
Wyoming	  is	  10,247	  (0.5	  people	  per	  km2;	  from	  2010	  Census).	  	  	  	  	  
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A	  review	  of	  field	  measurements,	  data	  analyses,	  and	  modeling	  results	  for	  the	  UGRB	  is	  available	  
(Hall	  et	  al.,	  2012).	  	  These	  analyses	  clearly	  confirm	  the	  association	  of	  winter	  ozone	  episodes	  with	  
snow	  cover,	  strong	  inversions,	  and	  light	  winds.	  	  Elevated	  ozone	  concentrations	  have	  not	  been	  
observed	  in	  the	  UGRB	  in	  the	  absence	  of	  snow	  cover.	  	  Data	  collected	  during	  the	  2011	  winter	  
ozone	  episodes	  in	  the	  Uintah	  Basin	  (Martin	  et	  al.,	  2011)	  show	  that	  meteorological	  conditions	  
during	  those	  events	  were	  very	  similar	  to	  those	  observed	  during	  UGRB	  ozone	  events.	  	  Similar	  to	  
the	  UGRB,	  data	  collected	  during	  UBOS	  2011-‐12	  showed	  little	  local	  ozone	  production	  in	  the	  
absence	  of	  snow	  cover.	  	  	  


Given	  the	  overall	  similarities	  of	  climate,	  emission	  sources,	  and	  winter	  ozone	  episode	  
characteristics	  of	  the	  two	  air	  basins,	  collection	  and	  analysis	  of	  field	  study	  data	  in	  either	  basin	  can	  
provide	  valuable	  information	  that	  is	  applicable	  to	  both.	  


Finding	  A.5.2:	  	  The	  Uintah	  Basin	  has	  some	  unique	  characteristics	  that	  require	  further	  study	  in	  
order	  to	  design	  an	  effective	  ozone	  control	  strategy	  specifically	  for	  the	  Basin.	  	  


Some	  details	  of	  ozone	  production	  in	  the	  Uintah	  Basin	  are	  likely	  to	  be	  different	  from	  the	  UGRB.	  	  A	  
500-‐Megawatt	  coal-‐fired	  power	  plant,	  for	  example,	  is	  located	  within	  the	  Uintah	  Basin	  precisely	  
where	  elevated	  ozone	  has	  been	  observed,	  but	  the	  only	  large	  power	  plants	  near	  the	  UGRB	  are	  
well	  south	  of	  the	  area	  that	  has	  been	  shown	  to	  be	  involved	  in	  ozone	  production	  (WDEQ,	  2009).	  	  
No	  data	  are	  currently	  available	  with	  which	  to	  assess	  the	  contribution,	  if	  any,	  of	  power	  plant	  
emissions	  to	  ozone	  exceedances	  in	  the	  Uintah	  Basin.	  	  Data	  collected	  during	  UBOS	  2011-‐12	  at	  the	  
Horse	  Pool	  site	  include	  an	  event	  on	  4	  February	  2012	  that	  appears	  to	  be	  the	  impact	  of	  a	  plume	  
from	  a	  nearby	  source	  with	  significant	  sulfur	  emissions	  (Chapter	  3).	  	  Analysis	  of	  data	  from	  this	  
event	  suggests	  that	  the	  plume	  is	  most	  likely	  from	  the	  Bonanza	  plant;	  however,	  this	  plume	  
impact	  occurred	  under	  well-‐mixed	  conditions,	  not	  under	  the	  stable	  stratification	  associated	  with	  
elevated	  ozone	  episodes.	  	  The	  extent	  to	  which	  the	  elevated	  Bonanza	  plume	  interacts	  with	  air	  
close	  to	  the	  surface	  during	  ozone	  episodes	  is	  not	  known.	  	  	  


Given	  the	  greater	  amount	  of	  oil	  production	  in	  the	  Uintah	  Basin,	  VOC	  speciation	  and	  VOC/NOx	  
ratios	  are	  likely	  to	  differ	  between	  the	  two	  basins.	  	  Chapter	  2	  shows	  that	  the	  mix	  of	  VOC	  in	  oil-‐
producing	  areas	  of	  the	  Uintah	  Basin	  is	  different	  than	  in	  gas-‐producing	  areas,	  perhaps	  leading	  to	  
differences	  in	  the	  reactivity	  of	  VOC	  in	  each	  area.	  	  	  


NOx	  emission	  sources	  and	  distribution	  are	  different	  for	  the	  two	  basins.	  Chapter	  2	  shows	  less	  NOx	  
in	  oil-‐producing	  than	  in	  gas-‐producing	  areas.	  	  The	  Uintah	  Basin	  has	  a	  higher	  population	  (and	  
associated	  urban	  and	  traffic	  emissions)	  than	  the	  UGRB;	  monitoring	  showed	  higher	  NOx	  at	  Vernal	  
than	  any	  other	  monitored	  locations	  in	  the	  Basin,	  likely	  due	  to	  urban	  sources.	  	  	  


ENVIRON	  (2008)	  showed	  that	  ozone	  episodes	  in	  the	  UGRB	  are	  associated	  with	  recirculation	  of	  
pollutants	  driven	  by	  a	  diurnal	  nighttime	  drainage	  and	  daytime	  upslope	  flow	  pattern.	  	  Similar	  
detailed	  measurements	  and	  analysis	  of	  surface	  flow	  patterns	  during	  Uintah	  Basin	  ozone	  events	  
have	  not	  been	  performed.	  	  The	  topography	  of	  the	  Uintah	  Basin	  is	  more	  complex	  than	  that	  of	  the	  
UGRB,	  and	  wind	  patterns	  in	  the	  Basin	  can	  be	  very	  complex	  (Martin	  et	  al.,	  2011;	  Chapters	  2	  and	  
3;	  Question	  E.1).	  	  Further	  analysis	  of	  surface	  flow	  patterns	  in	  the	  Uintah	  Basin	  is	  needed.	  


Conclusions	  
Sufficient	  similarities	  between	  the	  Uintah	  Basin	  and	  the	  UGRB	  exist	  to	  merit	  continued	  analysis	  
of	  the	  more	  extensive	  data	  set	  currently	  available	  for	  the	  UGRB	  to	  provide	  useful	  information	  
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about	  ozone	  formation	  in	  the	  Uintah	  Basin.	  	  Surface	  air	  flow	  and	  the	  mix	  of	  precursor	  emissions	  
in	  the	  Uintah	  Basin,	  however,	  are	  different	  from	  the	  UGRB,	  and	  the	  design	  of	  emission	  control	  
strategies	  for	  the	  Uintah	  Basin	  cannot	  rely	  solely	  on	  studies	  from	  the	  UGRB.	  	  	  


	  


Question	  A.6	  
Does	  significant	  vertical	  stratification	  of	  precursors	  occur?	  	  If	  so,	  what	  role	  does	  stratification	  play	  in	  
ozone	  formation?	  


Background	  
VOC	  emissions	  in	  oil	  and	  gas	  production	  operations	  are	  expected	  to	  be	  released	  closer	  to	  the	  
surface	  and	  to	  be	  less	  thermally	  buoyant	  than	  NOx	  emissions.	  	  While	  NOx	  emissions	  almost	  
entirely	  are	  from	  fuel	  combustion	  and	  are	  released	  at	  heights	  ranging	  from	  near	  surface	  (e.g.,	  
heaters	  and	  boilers,	  on-‐	  and	  off-‐road	  vehicles)	  to	  small-‐	  or	  medium-‐sized	  stacks	  (e.g.,	  
compressor	  stations)	  to	  tall	  stacks	  (e.g.,	  power	  plants),	  a	  large	  portion	  of	  VOC	  emissions	  are	  
released	  from	  well	  sites	  or	  equipment	  at	  the	  same	  temperature	  as	  the	  surrounding	  air	  (Chapter	  
4).	  	  It	  is	  therefore	  reasonable	  to	  hypothesize	  a	  potential	  for	  vertical	  stratification	  of	  VOC	  and	  NOx	  
under	  the	  stable	  atmospheric	  conditions	  characteristic	  of	  ozone	  episodes.	  	  The	  resulting	  vertical	  
gradients	  in	  VOC/NOx	  ratios	  would	  produce	  vertical	  variations	  in	  ozone	  production	  and	  
destruction	  rates	  and	  ozone	  responses	  to	  emission	  control	  strategies.	  	  For	  example,	  ozone	  
formation	  during	  the	  morning	  hours	  may	  proceed	  more	  rapidly	  at	  locations	  and	  elevations	  with	  
optimal	  VOC/NOx	  ratios,	  and	  these	  rapidly	  formed	  ozone	  plumes	  could	  later	  impact	  monitoring	  
stations.	  	  Knowledge	  of	  such	  vertical	  stratifications	  is	  needed	  to	  fully	  explain	  and	  accurately	  
model	  the	  pattern	  of	  ozone	  and	  precursors	  observed	  over	  surface	  monitoring	  networks	  and	  the	  
impacts	  of	  alternative	  emission	  control	  strategies.	  	  	  


Findings	  
Finding	  A.6.1:	  	  Vertical	  stratification	  of	  ozone	  precursors	  was	  observed	  at	  Horse	  Pool.	  	  	  	  


Measurements	  of	  NOx	  and	  speciated	  VOC	  at	  five	  levels	  between	  the	  surface	  and	  135	  m	  at	  Horse	  
Pool	  showed	  NOx	  plumes	  impacting	  the	  site	  at	  various	  times	  and	  different	  elevations,	  even	  
during	  relatively	  well-‐mixed	  conditions	  (Chapter	  6;	  Figure	  10).	  	  These	  observations	  are	  
consistent	  with	  impacts	  at	  this	  site	  from	  nearby	  NOx	  sources	  with	  varying	  effective	  plume	  
heights.	  	  In	  contrast,	  VOC	  measurements	  showed	  that	  VOC	  such	  as	  ethane	  are	  more	  abundant	  
near	  the	  surface	  and	  indicate	  a	  larger	  influence	  from	  sources	  near	  the	  surface	  (Figure	  11).	  	  These	  
results	  are	  limited	  to	  one	  location,	  and	  the	  degree	  to	  which	  they	  might	  apply	  to	  other	  locations	  
in	  the	  Basin	  is	  not	  known.	  
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Figure	  10.	  	  NOx	  at	  different	  heights	  at	  Horse	  Pool	  on	  11	  Feb.	  2012	  (Chapter	  6).	  


	  


	  
Figure	  11.	  	  Ethane	  at	  different	  heights	  at	  Horse	  Pool	  on	  15-‐18	  Feb.	  2012	  (Chapter	  6).	  


	  


Most	  of	  the	  UBOS	  2011-‐12	  data	  were	  collected	  during	  periods	  without	  temperature	  inversions,	  
and	  the	  vertical	  precursor	  stratifications	  noted	  above	  have	  the	  potential	  to	  be	  more	  prominent	  
under	  conditions	  conducive	  to	  ozone	  formation,	  possibly	  resulting	  in	  daytime	  vertical	  ozone	  
gradients.	  
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Finding	  A.6.2:	  Under	  the	  well-‐mixed	  daytime	  conditions	  characteristic	  of	  the	  2012	  study	  
period,	  ozone	  concentrations	  did	  not	  exhibit	  daytime	  vertical	  stratification.	  Ozone	  loss	  near	  
the	  surface	  was	  evident	  at	  night.	  	  	  


Vertical	  ozone	  data	  collected	  at	  Ouray	  (Chapter	  5;	  Figure	  12)	  and	  other	  sites	  (Chapters	  2,	  3,	  5,	  
and	  6)	  showed	  a	  temporal	  pattern	  wherein	  ozone	  concentrations	  were	  mostly	  uniform	  with	  
height	  during	  the	  day,	  and	  loss	  of	  ozone,	  likely	  due	  to	  deposition	  and	  reaction	  of	  ozone	  with	  
NOx,	  was	  observed	  during	  the	  night	  under	  more	  stable	  conditions.	  	  	  


	  
Figure	  12.	  	  Time-‐height	  cross-‐section	  of	  ozone	  concentrations	  at	  Ouray	  interpolated	  from	  20	  
ozonesonde	  profiles	  collected	  from	  sunrise	  to	  sunset	  on	  17	  Feb.	  2012	  (Chapter	  5).	  	  	  


	  


Conclusions	  
Despite	  the	  well-‐mixed	  daytime	  conditions	  encountered	  during	  UBOS	  2011-‐12,	  some	  evidence	  
of	  NOx	  plumes	  above	  the	  surface	  and	  a	  prevalence	  of	  near-‐surface	  VOC	  sources	  impacting	  the	  
Horse	  Pool	  site	  were	  observed.	  	  These	  data	  suggest	  that	  at	  least	  transient	  vertical	  gradients	  in	  
VOC/NOx	  ratios	  and	  ozone	  formation	  rates	  may	  exist	  under	  episode	  conditions.	  	  Similar	  
measurements	  under	  conditions	  conducive	  to	  ozone	  formation	  are	  needed.	  
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PART	  B:	  ATMOSPHERIC	  CHEMISTRY	  OF	  OZONE	  FORMATION	  


Question	  B.1	  
Do	  pathways	  for	  ozone	  production	  exist	  that	  are	  unique	  to	  wintertime	  ozone	  events?	  	  	  


Background	  
Our	  current	  understanding	  of	  ozone	  formation	  processes	  in	  polluted	  environments	  is	  based	  
mostly	  on	  summertime	  ozone	  episodes	  occurring	  in	  large	  urban	  areas.	  	  Comparatively	  little	  is	  
known	  about	  winter	  ozone	  formation	  in	  rural	  areas	  where	  the	  emissions	  budget	  is	  heavily	  
influenced	  by	  oil	  and	  gas	  exploration	  and	  production	  activities	  (Chapter	  4).	  	  Studies	  of	  winter	  
ozone	  episodes	  in	  the	  UGRB	  have	  shown	  that	  these	  winter	  episodes	  are	  associated	  with	  snow	  
cover	  and	  very	  stable	  “cold	  pool”	  atmospheric	  conditions	  and	  that	  ozone	  formation	  under	  these	  
conditions	  is	  largely	  driven	  by	  the	  strong	  actinic	  UV	  flux	  resulting	  from	  the	  high	  albedo	  of	  the	  
snow	  surface	  and	  the	  elevated	  concentrations	  of	  precursor	  pollutants	  trapped	  under	  the	  low	  
level	  temperature	  inversion.	  	  Analyses	  of	  field	  study	  data	  and	  photochemical	  box	  modeling	  
studies	  performed	  to	  date	  (ENVIRON,	  2008;	  Schnell	  et	  al.,	  2009;	  Nopmongcol	  et	  al.,	  2010;	  
Martin	  et	  al.,	  2011;	  Carter	  and	  Seinfeld,	  2012)	  suggest	  that	  these	  two	  factors	  are	  key	  to	  the	  
production	  of	  elevated	  winter	  ozone	  concentrations.	  	  In	  this	  respect,	  winter	  episodes	  are	  no	  
different	  from	  summer	  episodes:	  both	  require	  a	  high	  UV	  flux,	  stable	  atmospheric	  conditions,	  
and	  adequate	  concentrations	  of	  precursors.	  	  	  


Winter	  conditions	  in	  the	  Uintah	  Basin	  and	  UGRB	  nevertheless	  differ	  from	  urban	  summer	  
conditions	  with	  respect	  to	  temperature,	  VOC	  composition,	  and	  the	  presence	  of	  a	  snow	  surface.	  	  
In	  general,	  low	  winter	  temperatures	  decrease	  chemical	  reaction	  rates,	  though	  the	  effect	  of	  
temperature	  on	  some	  reaction	  rates	  is	  not	  fully	  understood	  (Chapter	  7;	  Martin	  et	  al.,	  2011;	  
Carter	  and	  Seinfeld,	  2012).	  	  Low	  temperature	  also	  limits	  water	  vapor	  mixing	  ratios;	  for	  example,	  
the	  water	  vapor	  mixing	  ratio	  at	  0°C,	  50%	  humidity,	  and	  atmospheric	  pressure	  of	  850	  mbar	  is	  2	  
g/kg,	  compared	  to	  more	  than	  15	  g/kg	  at	  30°C	  and	  50%	  humidity.	  	  A	  major	  pathway	  for	  the	  
production	  of	  OH	  radicals	  in	  summer	  urban	  ozone	  episodes	  is	  photolysis	  of	  ozone	  followed	  by	  
reaction	  of	  the	  freed	  oxygen	  atom	  with	  water	  vapor.	  	  Less	  water	  vapor	  in	  the	  atmosphere	  limits	  
OH	  production	  from	  that	  pathway.	  


Analyses	  of	  data	  from	  pristine	  remote	  environments	  (Greenland	  and	  Antarctica)	  have	  identified	  
sources	  of	  alkenes	  and	  NOx	  within	  snow	  that	  appear	  to	  evolve	  via	  heterogeneous	  
photochemistry	  (Swanson	  et	  al.,	  2002;	  Helmig	  et	  al.,	  2007).	  	  As	  pointed	  out	  by	  Stoeckenius	  and	  
Ma	  (2010),	  however,	  the	  amounts	  of	  ozone	  precursors	  measured	  in	  these	  studies	  are	  far	  less	  
than	  those	  found	  in	  areas	  with	  intensive	  oil	  and	  gas	  production	  such	  as	  the	  Uintah	  Basin	  or	  the	  
UGRB,	  so	  drawing	  direct	  conclusions	  from	  this	  work	  is	  difficult.	  	  Nevertheless,	  heterogeneous	  
reactions	  on	  snow	  surfaces	  could	  contribute	  to	  winter	  ozone	  formation.	  	  For	  example,	  elevated	  
mid-‐day	  HONO	  concentrations	  over	  snow	  have	  been	  observed	  in	  the	  UGRB	  (ENVIRON,	  2010;	  
Rappenglueck,	  2010)	  and	  are	  consistent	  with	  a	  hypothesized	  mechanism	  of	  formation	  of	  HONO	  
from	  NOx	  on	  the	  snow	  surface	  in	  the	  presence	  of	  sunlight.	  	  Sensitivity	  calculations	  performed	  by	  
Carter	  and	  Seinfeld	  (2012)	  demonstrate	  that	  daytime	  heterogeneous	  HONO	  production	  may	  be	  
sufficient	  to	  influence	  peak	  ozone	  concentrations	  under	  VOC	  limited	  conditions.	  	  The	  prevalence	  
of	  VOC	  limited	  conditions	  in	  the	  Uintah	  Basin	  is	  not	  known.	  
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Findings	  
Finding	  B.1.1:	  	  While	  conditions	  conducive	  to	  ozone	  formation	  were	  not	  observed	  during	  UBOS	  
2011-‐12,	  information	  about	  radical	  sources	  during	  this	  period	  may	  have	  applicability	  to	  ozone	  
formation	  episodes.	  	  	  


Photolysis	  of	  ozone	  was	  a	  minor	  contributor	  to	  radical	  production	  during	  UBOS	  2011-‐12,	  in	  
contrast	  to	  typical	  summertime	  ozone	  production	  conditions	  (Chapter	  3).	  	  Cl	  atoms	  derived	  from	  
nitryl	  chloride	  were	  as	  important	  a	  radical	  source	  as	  ozone	  photolysis.	  However,	  the	  most	  likely	  
chloride	  source	  is	  the	  soil,	  which	  is	  covered	  with	  snow	  during	  winter	  ozone	  episodes,	  so	  the	  
significance	  of	  nitryl	  chloride	  photolysis	  on	  winter	  ozone	  production	  is	  not	  known.	  	  Mean	  
concentrations	  of	  HONO	  were	  much	  lower	  than	  in	  urban	  areas	  in	  summertime.	  	  However,	  
HONO	  was	  still	  a	  significant	  source	  of	  OH	  radicals	  during	  the	  study	  (Chapter	  3).	  	  	  


Formaldehyde	  was	  a	  significant	  radical	  source	  during	  UBOS	  2011-‐12	  (Chapter	  3).	  	  Formaldehyde	  
concentrations	  were	  lower	  on	  average	  than	  values	  measured	  in	  Houston	  and	  Pasadena	  (Chapter	  
3).	  	  Formaldehyde	  at	  Horse	  Pool	  usually	  correlated	  with	  methanol	  (Figure	  13)	  and	  this	  
correlation	  was	  not	  related	  to	  the	  time	  of	  day,	  suggesting	  the	  formaldehyde	  is	  present	  as	  an	  
impurity	  in	  the	  liquid	  methanol	  used	  as	  an	  antifreeze	  in	  oil	  and	  gas	  operations	  (Chapter	  3;	  
chemical	  analysis	  of	  methanol	  used	  in	  the	  Uintah	  Basin	  is	  needed).	  	  In	  some	  cases,	  formaldehyde	  
spikes	  were	  not	  correlated	  with	  methanol	  but	  were	  correlated	  with	  CO,	  suggesting	  that	  these	  
spikes	  were	  associated	  with	  fuel	  combustion	  (Chapter	  3).	  	  Analysis	  by	  the	  University	  of	  Wyoming	  
showed	  that	  formaldehyde,	  acetone,	  and	  organic	  aerosol	  mass	  were	  temporally	  related,	  
indicating	  a	  photochemical	  source	  for	  formaldehyde	  (Chapter	  3),	  and	  formaldehyde	  did	  
experience	  diurnal	  cycling,	  with	  higher	  concentrations	  in	  daytime,	  providing	  more	  evidence	  for	  a	  
photochemical	  source	  (Chapter	  1).	  	  	  


	  
Figure	  13.	  	  Correlation	  of	  formaldehyde	  and	  methanol	  at	  Horse	  Pool,	  with	  two	  unusual	  plumes	  denoted	  
in	  blue	  (2/3	  12:50)	  and	  red	  (2/16,	  18:50)	  (Chapter	  3).	  
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Conclusions	  
Relative	  contributions	  of	  different	  radical	  sources	  to	  ozone	  production	  are	  likely	  different	  for	  
wintertime	  ozone	  episodes	  in	  the	  Uintah	  Basin	  than	  for	  typical	  summertime	  cases	  in	  urban	  
areas.	  	  Because	  conditions	  conducive	  to	  ozone	  formation	  did	  not	  exist	  during	  winter	  2011-‐12,	  
further	  work	  to	  determine	  radical	  sources	  and	  heterogeneous	  chemical	  mechanisms	  is	  needed.	  	  	  


	  


Question	  B.2	  
Do	  VOC	  speciation	  and	  reactivity	  in	  the	  Basin	  have	  unique	  characteristics	  that	  contribute	  to	  
wintertime	  ozone	  production?	  


Background	  
Data	  collected	  in	  the	  UGRB	  show	  that	  VOC	  emissions	  in	  oil	  and	  gas	  producing	  regions	  are	  
strongly	  influenced	  by	  natural	  gas.	  	  Natural	  gas	  VOC	  speciation	  is	  heavily	  weighted	  towards	  light	  
alkanes,	  making	  it	  markedly	  different	  from	  VOC	  mixtures	  typically	  encountered	  in	  large	  urban	  
areas	  (ENVIRON	  2008,	  2010;	  Stoeckenius	  and	  Ma,	  2010).	  	  Due	  to	  the	  widely	  differing	  reactivities	  
of	  individual	  VOC	  species,	  variations	  in	  VOC	  composition	  can	  have	  significant	  impacts	  on	  ozone	  
formation	  and	  the	  relative	  efficacy	  of	  VOC	  and	  NOx	  control	  strategies.	  	  A	  thorough	  
understanding	  of	  VOC	  speciation	  in	  the	  Uintah	  Basin	  and	  of	  the	  reactivities	  of	  VOC	  species	  under	  
winter	  ozone	  episode	  conditions	  is	  an	  important	  prerequisite	  to	  the	  design	  of	  effective	  ozone	  
control	  strategies.	  	  


Findings	  
Finding	  B.2.1:	  	  Observed	  hydrocarbon	  species	  abundances	  at	  most	  locations	  sampled	  in	  the	  
Uintah	  Basin	  differ	  significantly	  from	  those	  found	  in	  large	  urban	  areas	  but	  are	  similar	  to	  those	  
found	  in	  other	  western	  U.S.	  oil	  and	  gas	  production	  regions.	  


Methane	  levels	  in	  the	  Uintah	  Basin	  averaged	  2.7	  +/-‐	  0.3	  ppm,	  above	  observed	  background	  levels	  
of	  1.7	  –	  1.8	  ppm	  (Chapter	  1).	  	  Data	  from	  2011	  indicate	  average	  methane	  of	  1.7	  +/-‐	  0.2	  ppm	  at	  
Vernal	  and	  2.8	  +/-‐	  0.6	  at	  Red	  Wash	  (Martin	  et	  al.,	  2011).	  	  Similarly	  elevated	  methane	  levels	  have	  
been	  observed	  in	  the	  Upper	  Green	  River	  Basin	  (ENVIRON,	  2008)	  and	  the	  Denver–Julesburg	  Basin	  
(Petron	  et	  al.,	  2012).	  	  	  


Speciated	  VOC	  data	  collected	  during	  UBOS	  2011-‐12	  were	  heavily	  weighted	  towards	  light	  
alkanes,	  similar	  to	  other	  areas	  with	  significant	  oil	  and	  gas	  production	  and	  different	  from	  most	  
urban	  areas	  (Chapter	  3).	  	  For	  example,	  mixing	  ratios	  of	  alkanes,	  and	  to	  a	  lesser	  extent,	  benzene,	  
toluene	  and	  m,p-‐xylene,	  are	  higher	  in	  the	  Horse	  Pool	  data	  than	  in	  samples	  from	  the	  
summertime	  Pasadena	  area,	  where	  alkenes	  and	  oxygenated	  compounds	  (except	  methanol)	  are	  
more	  abundant	  (Figure	  14).	  	  	  







CRD/13-‐320.32	   2012	  Uintah	  Basin	  Winter	  Ozone	  &	  Air	  Quality	  Study	   29	  	  


	  
Figure	  14.	  	  Mean	  mixing	  ratios	  collected	  during	  15	  January-‐29	  February	  at	  Horse	  Pool	  and	  during	  May-‐
June	  2010	  at	  Pasadena,	  California	  (Chapter	  3).	  	  	  
	  


Concentrations	  of	  iso-‐pentane	  and	  n-‐pentane	  were	  much	  higher	  at	  Horse	  Pool	  than	  in	  the	  
Pasadena	  samples	  and	  are	  more	  similar	  to	  samples	  collected	  by	  NOAA	  researchers	  in	  Weld	  
County,	  Colorado,	  in	  the	  Wattenberg	  Gas	  Field	  (Figure	  15;	  Chapter	  3).	  	  In	  addition,	  ratios	  of	  iso-‐	  
to	  n-‐pentane	  at	  Horse	  Pool	  were	  significantly	  lower	  than	  in	  the	  Pasadena	  samples.	  	  Authors	  of	  
Chapter	  3	  point	  out	  that	  the	  Horse	  Pool	  and	  Weld	  County	  ratios	  are	  similar	  to	  iso-‐	  to	  n-‐pentane	  
ratios	  found	  in	  Wattenberg	  gas	  composition	  analyses	  whereas	  the	  Pasadena	  ratio	  is	  similar	  to	  
that	  of	  light	  duty	  vehicle	  exhaust.	  	  Detailed	  gas	  composition	  analyses	  for	  the	  Uintah	  Basin	  are	  
needed	  to	  validate	  these	  findings,	  and	  comparisons	  with	  VOC	  speciation	  in	  the	  UGRB	  are	  
needed.	  
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Figure	  15.	  	  Iso-‐pentane	  to	  n-‐pentane	  ratios	  from	  data	  collected	  during	  15	  Jan.-‐29	  Feb.	  at	  Horse	  Pool,	  
during	  21-‐25	  Feb.	  2011	  at	  Red	  Wash,	  during	  2011	  in	  Weld	  Co.,	  CO	  and	  during	  May-‐June	  2010	  in	  
Pasadena,	  CA	  (Chapter	  3).	  	  	  


	  


Speciated	  VOC	  data	  from	  the	  Roosevelt	  site,	  which	  is	  more	  populated	  and	  located	  further	  away	  
from	  the	  main	  concentration	  of	  gas	  wells,	  suggest	  a	  mixed	  influence	  of	  urban	  (mostly	  light	  duty	  
vehicles)	  sources	  and	  oil	  and	  gas	  emissions	  (Chapter	  1).	  	  Light	  alkanes	  were	  the	  most	  abundant	  
species	  found	  in	  the	  Roosevelt	  samples,	  but	  alkenes	  were	  not	  detectable.	  	  Linear	  regression	  fits	  
produced	  a	  benzene/toluene	  slope	  of	  0.33	  at	  Roosevelt,	  lower	  than	  the	  0.80	  slope	  found	  at	  
Horse	  Pool	  and	  more	  representative	  of	  a	  typical	  urban	  source	  mix.	  	  Similarly,	  the	  benzene/o-‐
xylene	  slope	  at	  Roosevelt	  (3.06)	  was	  lower	  and	  more	  representative	  of	  gasoline	  engine	  
emissions	  than	  the	  7.49	  slope	  observed	  at	  Horse	  Pool.	  	  On	  the	  other	  hand,	  butane	  at	  Roosevelt	  
was	  found	  to	  be	  more	  enriched	  relative	  to	  toluene	  than	  would	  be	  expected	  in	  a	  mobile	  source-‐
dominated	  urban	  area,	  and	  an	  even	  greater	  enrichment	  occurred	  at	  Horse	  Pool.	  


VOC	  sampling	  at	  a	  variety	  of	  locations	  with	  the	  NOAA	  mobile	  laboratory	  (Chapter	  5)	  showed	  
that	  ethane	  and	  heavier	  alkanes	  were	  well	  correlated	  with	  methane	  across	  most	  samples,	  
indicating	  a	  common	  source.	  	  Sampling	  downwind	  of	  certain	  sources,	  including	  a	  well	  
completion	  operation	  with	  an	  open	  pond	  to	  retain	  fluid	  used	  in	  hydraulic	  fracturing,	  found	  
elevated	  levels	  of	  reactive	  aromatics.	  	  Emission	  rates	  from	  ponds	  that	  retain	  used	  fracturing	  
fluid	  are	  not	  known,	  and	  the	  prevalence	  of	  the	  practice	  of	  retaining	  fracturing	  fluid	  in	  open	  pits	  
in	  the	  Uintah	  Basin	  is	  not	  known	  with	  certainty.	  	  New	  Source	  Performance	  Standards	  recently	  
promulgated	  by	  EPA	  are	  expected	  to	  decrease	  emissions	  during	  gas	  well	  completions	  due	  to	  
required	  separation	  and	  capture	  of	  gas	  and	  condensate	  from	  returned	  fracturing	  fluid	  (EPA,	  
2012).	  	  


Passive	  VOC	  sampling	  showed	  that	  VOC	  speciation	  is	  different	  in	  oil	  producing	  areas	  than	  in	  gas	  
producing	  areas	  of	  the	  Basin	  (Chapter	  2).	  	  These	  speciation	  differences	  could	  impact	  VOC	  
reactivity	  and	  the	  effectiveness	  of	  NOx	  versus	  VOC	  controls	  in	  mitigating	  winter	  ozone	  issues	  in	  
different	  areas	  of	  the	  Basin.	  
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Finding	  B.2.2:	  	  Elevated	  levels	  of	  alkenes	  were	  not	  observed	  during	  UBOS	  2011-‐12.	  


Alkenes	  are	  known	  to	  be	  among	  the	  most	  reactive	  VOC	  and	  can,	  therefore,	  play	  an	  important	  
role	  in	  ozone	  formation.	  	  The	  NOAA	  mobile	  laboratory	  measured	  and	  reported	  speciated	  
hydrocarbon	  mixing	  ratios,	  including	  alkenes,	  from	  discrete	  air	  samples	  collected	  throughout	  a	  
major	  portion	  of	  the	  Basin	  (Chapter	  5).	  	  The	  median	  ethene	  measurement	  was	  less	  than	  0.1	  ppb,	  
and	  the	  median	  propene	  and	  1-‐butene	  concentrations	  were	  measured	  to	  be	  approximately	  0.05	  
ppb.	  	  Alkenes	  are	  not	  known	  to	  be	  a	  significant	  component	  of	  raw	  natural	  gas,	  and	  direct	  
emissions	  of	  alkenes	  from	  non-‐combustion	  oil	  and	  gas	  processes	  are	  expected	  to	  be	  low.	  


Sorbent	  tube	  VOC	  samples	  collected	  at	  Red	  Wash	  in	  February	  2011	  contained	  elevated	  
acetylene	  (a.k.a.	  ethyne),	  ethene,	  propene,	  and	  isoprene	  (Martin	  et	  al.,	  2011).	  	  The	  source	  of	  the	  
elevated	  values	  in	  the	  2011	  data	  is	  unclear,	  though	  it	  may	  be	  the	  result	  of	  uncertainties	  in	  
sampling	  or	  laboratory	  analysis	  procedures.	  	  Isoprene	  in	  particular	  is	  expected	  to	  be	  low	  during	  
winter	  in	  the	  Uintah	  Basin	  (Sakulyanontvittaya	  et	  al.,	  2012).	  	  Further	  measurements	  of	  alkenes	  
in	  ozone	  producing	  conditions	  are	  needed.	  	  Many	  of	  the	  VOC	  canister	  samples	  collected	  in	  the	  
Upper	  Green	  River	  Basin	  have	  been	  reported	  to	  contain	  light	  alkenes,	  though	  mostly	  at	  
relatively	  low	  concentrations	  (ENVIRON,	  2008,	  2010).	  	  	  


Conclusions	  
Data	  collected	  during	  the	  UBOS	  2011-‐12	  measurement	  campaign	  indicate	  that	  VOC	  speciation,	  
particularly	  outside	  of	  urban	  areas,	  appears	  to	  be	  dominated	  by	  oil	  and	  gas-‐related	  emissions;	  
light	  alkanes,	  therefore,	  make	  up	  a	  larger	  portion	  of	  VOC	  in	  the	  Basin	  than	  is	  the	  case	  in	  urban	  
areas.	  	  VOC	  speciation,	  however,	  is	  not	  uniform	  throughout	  the	  Basin.	  


	  


	  


PART	  C:	  SOURCES	  OF	  OZONE	  PRECURSOR	  EMISSIONS	  


Question	  C	  
What	  are	  the	  sources	  of	  ozone	  precursor	  emissions	  in	  the	  Basin?	  	  


Background	  
Ozone	  precursor	  emissions	  in	  the	  Uintah	  Basin	  are	  associated	  with	  a	  variety	  of	  sources.	  	  Anthropogenic	  
emissions	  consist	  of	  typical	  urban	  (residential,	  commercial,	  and	  light	  industrial)	  source	  emissions	  
associated	  with	  the	  approximately	  50,000	  residents,	  agricultural	  activities,	  a	  500-‐Megawatt	  coal-‐fired	  
electric	  generation	  unit,	  phosphate	  and	  gilsonite	  mining,	  and	  oil	  and	  gas	  extraction	  activities.	  	  Mining	  
activities,	  calculated	  to	  account	  for	  less	  than	  1%	  of	  NOx	  and	  VOC	  emissions,	  were	  excluded	  from	  the	  
inventory.	  	  Ancillary	  activity	  at	  the	  Bonanza	  plant	  (coal	  and	  waste	  handling,	  etc.)	  was	  not	  estimated,	  but	  
emissions	  are	  expected	  to	  be	  low	  relative	  to	  Basin’s	  emissions	  as	  a	  whole.	  	  Oil	  and	  gas-‐related	  emission	  
sources	  include	  gas	  plants,	  compressors,	  well	  site	  sources	  (drill	  rigs,	  frac	  pumps,	  pump	  jacks,	  tanks,	  
dehydrators,	  fugitives,	  et	  al.),	  pipelines,	  on-‐road	  and	  non-‐road	  mobile	  sources,	  produced	  water	  
evaporation	  ponds,	  reserve	  pits,	  and	  so	  on	  (Figure	  16).	  	  Non-‐anthropogenic	  emissions	  in	  the	  Basin	  
include	  biogenic	  emissions	  of	  isoprene	  and	  other	  VOC	  and	  natural	  hydrocarbon	  seeps.	  	  	  
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A	  complete	  and	  accurate	  emissions	  inventory	  is	  vital	  to	  the	  development	  of	  an	  ozone	  control	  strategy	  
and	  is	  an	  essential	  part	  of	  regulatory	  photochemical	  modeling.	  	  


	  
Figure	  16.	  	  Locations	  of	  some	  oil	  and	  gas-‐related	  emissions	  sources	  in	  the	  Uintah	  Basin	  (the	  location	  of	  
coal-‐fired	  power	  plants	  are	  also	  shown).	  	  
	  


Findings	  
Finding	  C.1:	  	  Oil	  and	  gas-‐related	  sources	  are	  responsible	  for	  the	  majority	  of	  NOx	  and	  VOC	  emissions	  in	  
the	  Uintah	  Basin.	  


An	  emissions	  inventory	  for	  winter	  2011-‐12	  in	  the	  Uintah	  Basin	  was	  produced	  in	  Chapter	  4	  (Table	  
3).	  	  Some	  sources	  were	  not	  considered	  in	  this	  inventory,	  as	  explained	  in	  Chapter	  4.	  	  Oil	  and	  gas-‐related	  
emissions	  were	  based	  on	  WRAP	  Phase	  III	  projections	  (WRAP,	  2012),	  with	  a	  number	  of	  updates,	  
additions,	  and	  changes.	  	  The	  inventory	  shows	  that	  oil	  and	  gas	  emissions	  account	  for	  98-‐99%	  of	  VOC	  
emissions	  in	  the	  Basin	  (assuming	  parity	  between	  VOC	  and	  non-‐methane	  hydrocarbons	  [NMHC]	  since	  the	  
percentage	  of	  NMHC	  that	  is	  ethane,	  which	  is	  required	  for	  calculation	  of	  VOC	  from	  NMHC,	  is	  unknown)	  
and	  58-‐62%	  of	  NOx	  emissions	  (range	  of	  estimates).	  	  The	  Bonanza	  Power	  Plant	  accounts	  for	  31-‐35%	  of	  
NOx	  emissions,	  the	  largest	  single	  NOx	  source	  and	  source	  category	  in	  the	  inventory.	  	  Glycol	  dehydrators	  
are	  the	  largest	  VOC	  source	  category.	  	  These	  are	  known	  to	  emit	  aromatic	  compounds	  that	  are	  especially	  
reactive	  in	  ozone	  production,	  but	  new	  and	  existing	  glycol	  dehydrators	  will	  be	  regulated	  under	  new	  rules	  
recently	  announced	  by	  EPA,	  which	  may	  reduce	  emissions	  from	  dehydrators	  in	  the	  Basin	  (EPA,	  2012;	  
Question	  D).	  	  The	  largest	  oil	  and	  gas-‐related	  source	  category	  for	  NOx	  is	  compressor	  stations	  (20-‐23%	  of	  
total	  NOx	  emissions).	  	  Drill	  rigs,	  workover	  rigs,	  and	  fracking	  processes	  account	  for	  11-‐19%	  of	  NOx	  
emissions	  (based	  on	  industry	  survey).	  	  
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Table	  3.	  	  Uintah	  Basin	  emissions	  estimates	  by	  category	  for	  February,	  in	  tons	  per	  month	  (Chapter	  4).	  	  
Some	  sources	  and	  estimates	  provided	  emissions	  of	  organic	  compounds	  as	  VOC,	  while	  some	  used	  non-‐
methane	  hydrocarbons	  (NMHC).	  	  VOC	  usually	  excludes	  ethane,	  while	  ethane	  is	  included	  in	  NMHC.	  	  The	  
percentage	  of	  NMHC	  that	  is	  ethane	  is	  not	  known	  for	  many	  sources,	  so	  conversion	  of	  NMHC	  to	  VOC	  is	  
not	  possible	  at	  this	  time.	  	  Methane	  estimates	  for	  many	  oil	  and	  gas	  operations	  were	  not	  made.	  


SOURCE	  CATEGORY	   VOC	   METHANE	   NMHC	   NOX	  


OIL	  &	  GAS	  EMISSIONS	   	   	   	   	  
• Glycol	  dehydrators	   2200†	   	   	   13†	  


• Heaters	   	   	   	   110†	  


• Drill	  rigs	   	   0.39•	   4.0•	   330†	  or	  156•	  


• Workover	  rigs	   	   0.018•	   0.18•	   13†	  or	  6.9•	  


• Fracking	  processes	   	   0.055•	   0.56•	   22•	  


• Pneumatic	  devices	   1850†	   	   	   	  


• Fugitives	   240†	   	   	   	  


• Venting	  processes	   180†	   	   	   	  


• Condensate	  tanks	   1700†	   	   	   	  


• Oil	  tanks	   1600†	   	   	   	  


• Pneumatic	  pumps	   1000†	   	   	   	  


• Compressor	  engines°	   9†	   	   	   47†	  


• Artificial	  lift	  engines	   75†	   	   	   240†	  


• Other	   240†	   	   	   13†	  


• Compressor	  Stations	   130	   	   	   390	  


• Gas	  Plants	   25	   	   	   14	  


• Evap.	  ponds,	  land	  farms2	  	   0	   	   	   0	  


• Pipeline	  fugitive	  emissions5	   	   72	   3.8	   	  


TOTAL	  OIL	  &	  GAS	   9200	   	   8.5	   1000	  to	  12003	  


NON	  OIL	  &	  GAS	  EMISSIONS	   	   	   	   	  
• Bonanza	  Power	  Plant	   	   	   	   610	  


• Mobile	  sources6	   	   4.4	   68	   106	  


• Biogenic/Agricultural	   	   420	   	   	  


• Home	  Heating	   	   49	   22	   2.2	  


• Land	  Fills	   	   37	   	   	  


• Natural	  Hydrocarbon	  Seeps5	   	   500*	   25*	   	  


TOTAL	  NON	  OIL	  &	  GAS	   	   510	  to	  10004	   90	  to	  1204	   720	  


GRAND	  TOTAL	   9200	   	   98	  to	  1304	   1700	  to	  19003	  
°	  Non-‐centralized.	  	  
†	  Estimates	  taken	  directly	  from	  WRAP	  2012	  projections.	  
•	  Estimates	  based	  on	  2012	  industry	  survey.	  
*	  Poorly	  constrained	  estimate	  (tightest	  bounds	  at	  this	  time	  put	  value	  between	  30	  and	  30,000	  tons/month).	  
2	  Data	  insufficient	  to	  estimate	  emissions	  for	  all	  ponds	  in	  winter	  conditions.	  	  
3	  Lower	  value	  results	  if	  the	  2012	  industry	  survey	  replaces	  WRAP	  projections.	  
4	  Lower	  value	  results	  if	  the	  contribution	  of	  natural	  seepage	  is	  omitted.	  
5	  Assumes	  95/5	  split	  in	  CH4/NMHC	  percentages	  (Rice,	  et	  al,	  1992).	  
6	  Likely	  does	  not	  include	  a	  complete	  accounting	  of	  mobile	  sources	  related	  to	  the	  oil	  and	  gas	  industry.	  
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Because	  of	  multiple	  regulatory	  jurisdictions	  (see	  Introduction),	  it	  can	  be	  difficult	  to	  obtain	  accurate	  
inventories	  of	  oil	  and	  gas	  facilities	  in	  the	  Uintah	  Basin.	  	  Emissions	  estimates	  for	  compressor	  stations	  and	  
gas	  plants	  in	  Chapter	  4	  were	  not	  taken	  from	  the	  WRAP	  Phase	  III	  inventory	  but	  were	  instead	  based	  on	  a	  
new	  list	  of	  facilities	  derived	  from	  state,	  local,	  federal,	  and	  private	  documents.	  	  This	  is	  likely	  to	  be	  the	  
most	  accurate	  count	  of	  compressors	  and	  gas	  plants	  conducted	  for	  the	  Basin	  to	  date.	  	  Equipment	  and	  
practices	  in	  the	  oil	  and	  gas	  industry	  are	  constantly	  updated,	  but	  the	  WRAP	  Phase	  III	  data	  on	  which	  much	  
of	  the	  Chapter	  4	  inventory	  is	  based	  are	  more	  than	  six	  years	  old.	  	  A	  new,	  comprehensive	  inventory	  for	  the	  
Uintah	  Basin	  is	  needed.	  


Natural	  and	  biogenic	  sources	  of	  VOC	  can	  be	  difficult	  to	  estimate.	  	  Chapter	  4	  assumes	  no	  emissions	  of	  
VOC	  from	  biogenic	  sources,	  but	  a	  new	  study	  by	  Sakulyanontvittaya	  et	  al.	  (2012)	  provides	  a	  more	  
detailed	  analysis	  and	  estimate	  of	  wintertime	  biogenic	  emissions	  for	  the	  region.	  	  Sakulyanontvittaya	  et	  al.	  
estimate	  Basin-‐wide	  isoprene	  emissions	  of	  0.0-‐0.2	  tons	  per	  day	  in	  January,	  compared	  to	  59-‐89	  tons	  per	  
day	  in	  July.	  	  It	  is	  anticipated	  that	  biogenic	  emissions	  of	  other	  VOC	  are	  likewise	  low	  in	  the	  Basin	  during	  
winter.	  	  Chapter	  4	  estimates	  that	  methane	  emissions	  from	  cattle	  amount	  to	  14	  tons	  per	  day	  (methane	  
likely	  plays	  only	  a	  minor	  role	  in	  ozone	  production	  in	  the	  Basin;	  Chapter	  3).	  	  	  Estimates	  of	  emissions	  of	  
methane	  and	  other	  hydrocarbons	  from	  natural	  (and	  anthropogenically	  enhanced)	  seepage	  are	  poorly	  
constrained,	  and	  values	  in	  Table	  3	  should	  be	  used	  cautiously	  (Chapter	  4).	  	  	  


Finding	  C.2:	  More	  analysis	  is	  needed	  to	  determine	  whether	  ambient	  measurements	  corroborate	  
emissions	  inventories.	  


Chapter	  2	  shows	  that	  differences	  in	  NOx	  and	  VOC	  concentrations	  between	  oil	  and	  gas	  producing	  areas	  of	  
Duchesne	  and	  Uintah	  Counties	  agree	  with	  differences	  in	  emissions	  reported	  in	  the	  WRAP	  Phase	  III	  
inventory	  (WRAP,	  2012).	  	  Measurements	  by	  several	  investigators	  showed	  associations	  between	  known	  
emissions	  sources	  and	  ambient	  concentrations	  (Question	  A.4;	  Chapters	  1,	  2,	  3,	  5,	  and	  6).	  	  However,	  
attempts	  to	  quantitatively	  evaluate	  NOx	  and	  VOC	  emission	  sources,	  or	  to	  assess	  the	  accuracy	  of	  current	  
inventories	  in	  a	  quantitative	  way,	  were	  not	  conducted	  as	  part	  of	  UBOS	  2011-‐12.	  


Quality	  assurance	  of	  emissions	  inventories	  via	  reconciliation	  with	  ambient	  air	  quality	  data	  is	  an	  
important	  component	  of	  air	  quality	  management.	  	  In	  addition	  to	  further	  analyses	  of	  UBOS	  2011-‐12	  data,	  
new	  studies	  are	  needed	  to	  provide	  results	  that	  can	  be	  used	  to	  acquire	  quantitative	  information	  
concerning	  emissions.	  	  


Conclusions	  
Oil	  and	  gas	  dominate	  Uintah	  Basin	  emissions	  inventories,	  though	  other	  significant	  sources	  exist.	  	  Further	  
work	  to	  refine	  emissions	  estimates	  and	  verify	  inventories	  against	  ambient	  measurements	  is	  needed.	  
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PART	  D:	  MITIGATION	  STRATEGIES	  


Question	  D	  
What	  possible	  mitigation	  strategies	  should	  be	  considered	  for	  adoption	  in	  the	  Uintah	  Basin?	  


Background	  
Current	  data	  is	  insufficient	  to	  determine	  the	  level	  of	  control	  that	  could	  eventually	  be	  required	  to	  achieve	  
ozone-‐reduction	  objectives.	  	  Furthermore,	  it	  is	  not	  known	  at	  this	  time	  whether	  winter	  ozone	  problems	  
in	  the	  Basin	  will	  be	  more	  effectively	  mitigated	  by	  NOx	  or	  VOC	  controls,	  nor	  is	  it	  known	  whether	  control	  
requirements	  will	  need	  to	  vary	  across	  the	  Basin.	  	  NOx	  emissions	  reductions	  under	  VOC	  limited	  conditions	  
can	  result	  in	  increases	  in	  ozone	  (Nopmongcol	  et	  al.	  2010;	  Carter	  and	  Seinfeld	  2012).	  	  VOC	  emission	  
reductions,	  on	  the	  other	  hand,	  do	  not	  typically	  lead	  to	  an	  increase	  in	  ozone	  formation.	  	  Determination	  of	  
whether	  the	  Basin	  (or	  different	  sections	  of	  it)	  is	  NOx	  or	  VOC	  limited	  is	  critical	  to	  developing	  an	  effective,	  
efficient	  mitigation	  strategy.	  	  To	  acquire	  this	  knowledge,	  measurements	  that	  coincide	  with	  conditions	  
conducive	  to	  ozone	  formation,	  along	  with	  further	  analysis	  and	  modeling,	  will	  be	  required.	  	  


Carter	  and	  Seinfeld	  (2012)	  conducted	  box	  modeling	  for	  winter	  ozone	  episodes	  in	  the	  UGRB,	  including	  an	  
analysis	  of	  whether	  ozone	  production	  was	  sensitive	  to	  NOx	  or	  VOC	  controls.	  	  They	  found	  that	  ozone	  
concentrations	  were	  VOC	  sensitive	  in	  three	  out	  of	  the	  four	  cases	  studied.	  	  Box	  models	  of	  a	  site	  in	  
Boulder	  showed	  NOx	  sensitivity	  in	  2008,	  but	  VOC	  sensitivity	  in	  2011.	  	  VOC/NOx	  ratios	  and	  VOC	  speciation	  
and	  reactivity	  may	  be	  significantly	  different	  in	  the	  two	  basins,	  so	  extrapolation	  of	  these	  findings	  to	  the	  
Uintah	  Basin	  would	  be	  inappropriate.	  	  Carter	  and	  Seinfeld	  suggest,	  “determination	  of	  emission	  controls	  
for	  the	  UGRB	  will	  require	  careful	  attention	  to	  the	  geographical	  distribution	  of	  both	  VOC	  and	  NOx	  
emissions	  and	  meteorology,”	  and	  they	  note	  that	  3D	  photochemical	  modeling	  will	  ultimately	  be	  required	  
to	  understand	  the	  issue	  comprehensively.	  	  Similar	  attention	  and	  work	  will	  likely	  be	  required	  to	  
determine	  whether	  winter	  ozone	  production	  in	  the	  Uintah	  Basin	  is	  sensitive	  to	  NOx	  or	  VOC	  controls.	  


VOC	  emissions	  reductions	  are	  anticipated	  over	  the	  next	  several	  years	  due	  to	  new	  EPA	  rules,	  particularly	  
the	  New	  Source	  Performance	  Standards	  for	  the	  oil	  and	  gas	  industry	  (EPA,	  2012).	  	  Some	  of	  these	  
standards	  became	  mandatory	  in	  2012,	  and	  some	  will	  be	  phased	  in	  over	  the	  next	  three	  years.	  	  These	  
standards	  target	  VOC	  emissions	  from	  oil	  and	  gas	  operations	  and	  are	  likely	  to	  reduce	  emissions	  from	  well	  
completion	  activity,	  storage	  tanks,	  some	  well-‐site	  equipment,	  and	  compressors	  in	  the	  Basin,	  though	  they	  
only	  cover	  new	  or	  modified	  sources.	  	  Also,	  EPA’s	  new	  National	  Emission	  Standards	  for	  Hazardous	  Air	  
Pollutants	  will	  limit	  emissions	  of	  aromatic	  compounds	  and	  other	  VOC	  from	  new	  and	  existing	  glycol	  
dehydrators.	  	  These	  standards	  exclude	  some	  VOC	  sources,	  including	  but	  not	  limited	  to	  produced	  water	  
disposal	  facilities,	  oil	  well	  completions,	  pipeline	  venting,	  and	  portions	  of	  the	  transmission	  segment	  of	  the	  
oil	  and	  gas	  industry.	  	  For	  the	  most	  part	  these	  rules	  cover	  new	  sources	  only.	  	  They	  do	  not	  target	  NOx	  
emissions	  from	  the	  oil	  and	  gas	  industry	  and	  may	  increase	  NOx	  in	  the	  Basin	  because	  of	  the	  requirement	  
to	  flare	  emissions	  from	  storage	  tanks	  and	  other	  sources.	  	  


Any	  additional	  control	  programs	  implemented	  in	  the	  Basin	  could	  be	  mandatory	  or	  voluntary.	  Episodic	  
control	  programs	  specific	  to	  conditions	  conducive	  to	  ozone	  formation	  could	  be	  considered.	  	  
Traditionally,	  full-‐time	  emission	  control	  measures	  have	  been	  used	  to	  address	  air	  quality	  management	  
needs,	  but	  episodic	  control	  could	  potentially	  be	  an	  effective	  air	  quality	  management	  tool	  in	  the	  Uintah	  
Basin.	  	  This	  viewpoint	  is	  supported	  by	  the	  fact	  that	  winter	  ozone	  episodes	  in	  the	  Basin	  are	  highly	  
episodic,	  occur	  only	  under	  very	  specific	  meteorological	  conditions	  that	  typically	  only	  last	  a	  few	  days	  at	  a	  
time,	  and	  are	  relatively	  infrequent.	  	  Ozone	  concentrations	  in	  the	  intervening	  periods	  are	  near	  
background	  levels,	  and	  other	  pollutants	  are	  generally	  well	  below	  EPA	  standards.	  	  	  
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Voluntary	  episodic	  control	  programs	  in	  the	  form	  of	  “ozone	  action	  days,”	  during	  which	  residents	  and	  
businesses	  are	  urged	  to	  reduce	  driving	  and	  other	  emissions-‐generating	  activities	  when	  meteorological	  
conditions	  favor	  ozone	  formation,	  are	  common	  in	  large	  metropolitan	  areas.	  	  A	  voluntary	  episodic	  
emission	  control	  program	  has	  been	  instituted	  by	  the	  Wyoming	  Department	  of	  Environmental	  Quality	  in	  
connection	  with	  ozone	  mitigation	  efforts	  in	  the	  UGRB	  (Hall	  et	  al.,	  2012).	  	  It	  is	  not	  known,	  however,	  
whether	  episodic	  controls	  would	  be	  adequate	  to	  mitigate	  air	  quality	  concerns	  in	  the	  Uintah	  Basin.	  	  


Ultimately,	  a	  validated	  photochemical	  model	  that	  simulates	  winter	  ozone	  formation	  will	  be	  needed	  to	  
fully	  understand	  and	  quantify	  the	  effectiveness	  of	  mitigation	  strategies	  and	  to	  tailor	  an	  emissions	  
reduction	  program	  that	  is	  appropriate	  for	  the	  Uintah	  Basin.	  	  This	  modeling	  framework	  will	  rely	  on	  the	  
data	  collected	  from	  studies	  in	  the	  Basin	  to	  provide	  meteorological	  and	  emissions	  inventory	  inputs,	  
boundary	  conditions,	  and	  validation	  of	  ozone	  and	  precursor	  concentrations	  estimated	  by	  the	  model.	  
This	  modeling	  effort	  is	  in	  the	  beginning	  stages.	  	  


Findings	  
Finding	  D.1:	  	  The	  study	  team’s	  best	  current	  estimate	  is	  that	  VOC	  controls	  will	  reduce	  ozone	  production,	  
but	  the	  overall	  effectiveness	  of	  this	  strategy	  is	  unknown.	  	  	  


Options	  to	  lower	  VOC	  emissions	  include:	  


• Reduce	  emissions	  from	  large	  sources	  of	  aromatic	  VOC	  since	  these	  are	  highly	  reactive	  with	  
respect	  to	  ozone	  formation.	  	  	  


o Elevated	  concentrations	  of	  aromatics	  were	  observed	  downwind	  of	  a	  well	  completion	  
operation	  (Chapter	  5).	  The	  influence	  this	  source	  category	  has	  on	  overall	  ozone	  
production	  in	  the	  Basin	  is	  not	  known;	  however,	  New	  Source	  Performance	  Standards	  will	  
reduce	  emissions	  of	  aromatics	  and	  other	  organic	  compounds	  from	  well	  completion	  
operations	  since	  they	  require	  separation	  and	  capture	  of	  gas	  and	  condensate	  from	  water	  
received	  from	  the	  well	  during	  completion	  (EPA,	  2012).	  


o Glycol	  dehydrators	  constitute	  another	  large	  source	  category	  for	  aromatics.	  	  Emissions	  
from	  new	  and	  existing	  glycol	  dehydrators	  will	  be	  regulated	  by	  recently	  promulgated	  
National	  Emission	  Standards	  for	  Hazardous	  Air	  Pollutants	  (EPA,	  2012).	  


• Deploy	  other	  VOC-‐reduction	  strategies	  such	  as	  green	  completions,	  low	  bleed	  pneumatics,	  tank	  
controls,	  and	  liquid	  collection	  systems	  controls	  where	  economically	  feasible.	  	  EPA’s	  New	  Source	  
Performance	  Standards	  require	  controls	  for	  some	  of	  these	  source	  categories,	  but	  only	  for	  new	  
or	  modified	  equipment.	  


Finding	  D.2:	  	  Scientific	  data	  collected	  to	  date	  are	  insufficient	  to	  assess	  the	  degree	  to	  which	  NOx	  
reductions	  will	  be	  effective	  in	  reducing	  peak	  ozone	  concentrations.	  	  	  


Data	  collected	  in	  Chapter	  5	  suggest	  that	  some	  engines	  may	  be	  operating	  inefficiently	  (significant	  primary	  
NO2	  emissions	  were	  observed)	  and	  that	  air	  quality	  benefits	  may	  be	  realized	  via	  more	  efficient	  operation	  
of	  pump	  jack	  engines	  and	  other	  equipment.	  	  Engine	  emissions	  tests	  in	  the	  UGRB	  in	  2011	  found	  that	  
many	  engines	  were	  operating	  inefficiently	  due	  to	  maintenance	  and	  operational	  problems	  (Dietrich,	  
2011;	  Hall	  et	  al.,	  2012).	  	  Proper	  maintenance	  and	  operation	  of	  engines	  may	  reduce	  NOx	  emissions.	  
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Finding	  D.3:	  	  A	  voluntary	  “ozone	  action	  day”	  program	  that	  encourages	  reductions	  in	  ozone	  precursor	  
emissions	  and	  reductions	  in	  public	  exposure	  to	  elevated	  ozone	  concentrations	  during	  unfavorable	  
weather	  conditions	  is	  a	  potentially	  useful	  mitigation	  tool.	  	  	  


Implementation	  of	  a	  voluntary	  “ozone	  action	  day”	  program	  modeled	  after	  similar	  programs	  in	  Wyoming	  
(Hall	  et	  al.,	  2012)	  and	  elsewhere	  may	  provide	  public	  health	  benefits	  by	  reducing	  ozone	  exposure.	  	  These	  
programs	  rely	  on	  forecasts	  of	  unfavorable	  weather	  conditions,	  typically	  with	  24-‐	  to	  72-‐hour	  lead	  times,	  
that	  trigger	  a	  set	  of	  public	  outreach	  activities	  designed	  to	  alert	  businesses	  and	  the	  public	  of	  the	  ozone	  
episode	  forecast	  and	  encourage	  actions	  that	  reduce	  both	  emissions	  and	  ozone	  exposures.	  	  
Recommended	  actions	  might	  include	  temporarily	  delaying	  well	  completions	  until	  conditions	  improve,	  
reducing	  other	  oil	  and	  gas	  field	  work	  as	  much	  as	  possible,	  reducing	  driving,	  avoiding	  outdoor	  activities,	  
and	  so	  on.	  	  Data	  from	  UBOS	  2011-‐12	  do	  not	  specifically	  address	  questions	  regarding	  the	  potential	  
efficacy	  of	  episodic	  controls.	  


UDEQ	  already	  issues	  three-‐day	  forecasts	  for	  air	  quality	  in	  the	  Uintah	  Basin.	  	  These	  forecasts	  are	  publicly	  
available	  at	  http://www.airquality.utah.gov/aqp/vl.html	  and	  could	  be	  used	  as	  the	  basis	  for	  an	  episodic	  
control	  program.	  


Conclusions	  
It	  is	  not	  known	  whether	  VOC	  or	  NOx	  emission	  controls	  in	  the	  Basin	  would	  be	  most	  effective,	  but	  
reductions	  in	  VOC	  are	  unlikely	  to	  increase	  ozone	  production	  and	  may	  provide	  a	  significant	  benefit.	  	  A	  
voluntary	  ozone	  action	  day	  program	  could	  reduce	  ozone	  and	  protect	  public	  health	  during	  ozone	  events.	  	  
New	  EPA	  rules	  are	  likely	  to	  reduce	  emissions	  of	  VOC,	  including	  reactive	  aromatics.	  	  	  


	  


PART	  E:	  ADDITIONAL	  INFORMATION	  NEEDS	  AND	  MODELING	  ISSUES	  


Question	  E.1	  
What	  special	  challenges	  does	  the	  Uintah	  Basin	  pose	  for	  meteorological	  modeling?	  	  


Background	  
The	  Uintah	  Basin	  is	  broad	  (approximately	  100	  by	  150	  km)	  with	  numerous	  topographic	  features	  
(on	  the	  order	  of	  tens	  to	  hundreds	  of	  meters)	  through	  a	  majority	  of	  the	  area.	  	  During	  the	  
elevated	  ozone	  periods	  in	  winter	  2010-‐11,	  the	  region	  had	  relatively	  light	  winds	  (Martin	  et	  al.,	  
2011).	  	  Light	  wind	  conditions	  in	  complex	  terrain	  often	  feature	  thermally	  driven	  mountain-‐valley	  
wind	  systems	  associated	  with	  diurnal	  surface	  heating	  and	  cooling	  cycles.	  	  These	  wind	  systems	  
tend	  to	  blow	  up-‐valley	  or	  upslope	  during	  the	  day	  and	  downslope	  or	  down-‐valley	  (a.k.a.	  drainage	  
flow)	  at	  night	  (Banta	  and	  Cotton,	  1981).	  	  At	  a	  given	  time	  of	  day,	  the	  local	  winds	  blow	  from	  a	  
preferred	  direction	  for	  several	  hours,	  and	  these	  diurnal	  patterns	  are	  often	  visible	  in	  multiday	  
averages	  or	  composites.	  	  


The	  daytime	  component	  of	  local	  winds	  in	  winter	  often	  may	  not	  be	  well	  developed	  due	  to	  low	  
solar	  angles	  and	  short	  day	  lengths,	  resulting	  in	  weak	  surface	  heating,	  weak	  forcing,	  and	  local	  
winds	  that	  may	  be	  difficult	  to	  detect	  (Vergeiner	  and	  Dreiseitl,	  1987).	  	  It	  is	  as	  yet	  unknown	  
whether	  a	  discernible	  diurnal	  pattern	  in	  low-‐level	  winds	  in	  the	  Uintah	  Basin	  under	  winter	  ozone	  
episode	  conditions	  exists.	  	  If	  diurnal	  upslope-‐downslope	  flows	  do	  exist,	  they	  may	  enhance	  ozone	  
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production	  by	  recirculating	  pollutants	  and	  their	  reaction	  products,	  as	  has	  been	  observed	  in	  the	  
UGRB	  (Stoeckenius	  and	  Ma,	  2010).	  


During	  the	  2010-‐11	  measurement	  campaign,	  ozone	  concentrations	  were	  found	  to	  vary	  
considerably	  across	  the	  Basin.	  	  This	  variability	  could	  be	  in	  part	  due	  to	  the	  uneven	  distribution	  of	  
sources	  in	  the	  Basin	  and/or	  topographical	  and	  meteorological	  phenomena,	  including	  
atmospheric	  transport	  over	  the	  complex	  terrain.	  	  The	  highest	  concentrations	  of	  ozone	  were	  
measured	  at	  the	  lowest-‐elevation	  sites	  (Martin	  et	  al.,	  2011),	  which	  could	  be	  explained	  by	  
drainage	  flows;	  however,	  elevated	  concentrations	  have	  been	  observed	  at	  higher-‐elevation	  sites	  
on	  the	  far	  western	  edge	  of	  the	  UGRB	  in	  association	  with	  afternoon	  upslope	  flows	  (MSI,	  2011),	  
and	  at	  Whiterocks	  in	  the	  Uintah	  Basin	  in	  2011	  at	  an	  elevation	  of	  more	  than	  6000	  feet.	  	  


Meteorological	  models	  that	  will	  likely	  be	  used	  to	  support	  air	  quality	  modeling	  in	  the	  Basin	  were	  
developed	  primarily	  for	  weather	  forecasting.	  	  Much	  of	  the	  research	  on	  and	  evaluation	  of	  these	  
models	  has	  focused	  on	  their	  ability	  to	  replicate	  weather	  phenomena	  important	  to	  forecasting	  
(i.e.,	  frontal	  passage	  movement,	  hurricane	  track,	  cyclogenesis).	  	  Fewer	  development	  resources	  
have	  been	  spent	  on	  the	  applicability	  of	  models	  for	  simulating	  the	  important	  features	  for	  weakly	  
forced	  flows	  under	  inversion	  conditions.	  	  It	  is	  important	  that	  particular	  attention	  be	  given	  to	  
meteorological	  model	  development	  and	  validation	  for	  winter	  air	  quality	  modeling	  in	  the	  Basin.	  


Findings	  
Finding	  E.1.1:	  	  Very	  different	  wind	  processes	  were	  identified	  during	  strong	  and	  weak	  wind	  
conditions	  during	  UBOS	  2011-‐12.	  	  


During	  UBOS	  2011-‐12,	  strong-‐wind	  periods	  at	  Horse	  Pool	  were	  generally	  dominated	  by	  large-‐
scale	  meteorological	  systems,	  as	  is	  typical	  of	  wintertime	  conditions	  in	  mid-‐latitude	  locations	  
(Chapter	  3).	  	  Under	  these	  conditions,	  near-‐surface	  winds	  are	  driven	  by	  stronger	  winds	  aloft,	  as	  
illustrated	  in	  Figure	  17.	  	  During	  weak-‐wind	  periods,	  the	  effects	  of	  local	  forcing	  become	  evident	  if	  
the	  forcing	  is	  strong	  enough.	  	  Figure	  18	  shows	  the	  evolution	  of	  wind	  profiles	  on	  a	  day	  when	  such	  
forcing	  is	  clear.	  	  On	  this	  day	  the	  nighttime	  winds	  had	  a	  distinct	  easterly	  component,	  while	  
daytime	  winds	  were	  from	  the	  west	  up	  to	  several	  hundred	  meters	  above	  ground	  level.	  	  This	  
diurnal	  pattern	  was	  observable	  at	  Horse	  Pool	  on	  most	  light-‐wind	  days	  during	  the	  2011-‐12	  study,	  
and	  in	  composites	  of	  all	  days	  when	  the	  winds	  aloft	  were	  light	  (<	  4	  m/s),	  showing	  easterly	  flow	  
draining	  toward	  the	  Green	  River	  at	  night	  and	  westerly	  upslope	  flow	  during	  daytime	  hours.	  	  
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Figure	  17.	  	  Profiles	  of	  20-‐min	  wind	  speed	  and	  direction	  for	  0000-‐1200	  UTC	  on	  3	  Feb.	  2012	  at	  Horse	  Pool,	  
showing	  strong	  northeasterly	  flow	  at	  500	  m	  above	  ground,	  extending	  down	  to	  the	  surface	  (Chapter	  3).	  	  
Wind	  barbs	  indicate	  direction	  from	  which	  winds	  were	  blowing,	  and	  color	  coding	  of	  barbs	  indicates	  wind	  
speed	  as	  shown	  on	  color	  bar.	  Horizontal	  axis	  is	  time	  (UTC,	  which	  is	  7	  hr	  ahead	  of	  MST),	  and	  vertical	  axis	  
is	  height	  above	  ground	  (m).	  	  
	  


	  
Figure	  18.	  	  Profiles	  of	  20-‐min	  wind	  speed	  and	  direction	  from	  1200	  UTC	  on	  4	  Feb	  to	  0000	  UTC	  on	  5	  Feb.	  
2012	  at	  Horse	  Pool,	  showing	  diurnal	  cycle	  of	  winds	  below	  500	  m	  (Chapter	  3).	  	  Dotted	  black	  curve	  is	  
clear-‐sky	  solar	  flux,	  indicating	  daylight	  hours.	  	  Wind	  barbs	  and	  axes	  are	  as	  in	  Figure	  17.	  
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Finding	  E.1.2:	  	  Measurements	  showed	  significant	  variation	  of	  winds	  across	  the	  Basin	  and	  with	  
time	  of	  day.	  	  


Figure	  19	  shows	  average	  day	  and	  night	  wind	  vectors	  at	  14	  meteorological	  stations	  around	  the	  
Uintah	  Basin	  during	  February	  2012	  (Chapter	  2).	  	  These	  results	  show	  that	  day	  and	  night	  mean	  
wind	  directions	  were	  not	  consistent	  across	  the	  Basin,	  even	  among	  some	  sites	  that	  are	  in	  
relatively	  close	  proximity.	  	  Most	  of	  the	  sites	  exhibit	  upslope/downslope	  flow	  that	  leads	  to	  near-‐
180	  degree	  shifts	  in	  wind	  direction	  between	  night	  and	  day.	  	  The	  directions	  of	  the	  day-‐night	  flows	  
are	  not	  consistent	  at	  different	  sites	  and	  appear	  to	  be	  directed	  by	  local	  terrain;	  thus,	  the	  complex	  
topography	  of	  the	  Basin	  likely	  leads	  to	  complex	  surface	  flows	  that	  transport	  ozone	  and	  its	  
precursors	  around	  the	  Basin.	  	  This	  spatial	  heterogeneity	  may	  be	  magnified	  during	  inversion	  
conditions	  conducive	  to	  ozone	  formation.	  	  Because	  of	  the	  complex	  topography	  of	  the	  Basin	  and	  
its	  influence	  on	  surface	  flow	  and,	  by	  extension,	  pollutant	  transport,	  it	  will	  be	  critical	  for	  any	  
modeling	  efforts	  of	  ozone	  formation	  to	  include	  high	  resolution	  simulations	  of	  topography	  and	  
meteorology.	  	  	  


	  


	  
Figure	  19.	  	  Mean	  day	  and	  night	  wind	  vectors	  at	  14	  meteorological	  stations	  around	  the	  Uintah	  Basin	  
during	  Feb.	  2012	  (Chapter	  2).	  	  The	  black	  arrows	  indicate	  monthly	  mean	  wind	  direction	  from	  13:00	  to	  
15:00	  local	  time,	  and	  red	  arrows	  indicated	  monthly	  mean	  wind	  direction	  from	  03:00	  to	  05:00	  local	  time.	  	  
The	  size	  of	  the	  arrow	  is	  proportional	  to	  the	  mean	  wind	  speeds	  for	  each	  time	  period.	  	  	  
	  


Conclusions	  
During	  elevated	  ozone	  periods	  it	  is	  likely	  that	  air	  transport	  will	  be	  dominated	  by	  shallow,	  highly	  
variable,	  locally	  driven	  flow	  patterns.	  	  How	  these	  surface	  flows	  affect	  ozone	  production	  and	  
distribution	  is	  still	  unknown.	  	  It	  is	  critical	  that	  a	  meteorological	  model	  be	  configured	  to	  capture	  
these	  local	  scale	  flow	  features	  and	  that	  sufficient	  observational	  data	  are	  available	  with	  which	  to	  
validate	  the	  model	  predictions.	  
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Question	  E.2	  
Can	  the	  formulation	  of	  existing	  1-‐D	  box	  and	  more	  complex	  transport	  and	  chemical	  models	  represent	  
the	  observed	  phenomena	  in	  the	  Basin?	  	  If	  not,	  what	  are	  the	  most	  urgent	  measurement	  needs	  for	  
improving	  model	  representation?	  


Background	  
Three-‐dimensional	  photochemical	  modeling	  is	  the	  most	  advanced	  tool	  available	  for	  1)	  
understanding	  details	  of	  the	  ozone	  formation	  process,	  2)	  evaluating	  ozone	  sensitivities	  to	  
changes	  in	  precursor	  emissions,	  and	  3)	  predicting	  the	  effects	  of	  emissions	  control	  strategies.	  	  
One-‐dimensional	  photochemical	  box	  models	  are	  useful	  tools	  for	  evaluating	  chemical	  
mechanisms	  and	  performing	  sensitivity	  analyses.	  	  For	  model	  simulations	  to	  be	  useful,	  however,	  
they	  must	  faithfully	  reproduce	  key	  mechanisms	  of	  ozone	  formation	  and	  transport	  operating	  in	  
the	  Uintah	  Basin.	  	  Merely	  demonstrating	  that	  a	  model	  is	  able	  to	  accurately	  reproduce	  the	  
observed	  temporal	  and	  spatial	  distribution	  of	  ozone	  is	  not	  sufficient,	  as	  this	  does	  not	  ensure	  
that	  ozone	  sensitivities	  to	  changes	  in	  precursor	  emissions	  will	  also	  be	  accurately	  predicted.	  	  
Modelers	  typically	  refer	  to	  this	  problem	  as	  “getting	  the	  right	  answer	  for	  the	  wrong	  reason.”	  	  
Models	  must	  be	  carefully	  validated	  and	  verified	  against	  ambient	  measurements	  of	  ozone,	  
precursors,	  and	  meteorological	  parameters.	  


In	  contrast	  to	  urban	  summertime	  ozone	  episodes	  for	  which	  all	  existing	  photochemical	  models	  
used	  in	  regulatory	  applications	  were	  originally	  developed	  and	  evaluated,	  relatively	  little	  is	  
known	  about	  winter	  ozone	  episodes	  in	  air	  basins	  in	  which	  emissions	  are	  dominated	  by	  oil	  and	  
gas	  sources.	  	  Research	  is	  needed,	  therefore,	  to	  fully	  evaluate	  the	  applicability	  of	  existing	  models	  
to	  winter	  ozone	  events	  and	  to	  identify	  any	  necessary	  modifications	  to	  model	  formulation.	  	  	  	  	  


Findings	  
Finding	  E.2.1:	  Data	  analyses	  and	  box	  modeling	  simulations	  of	  ozone	  episodes	  in	  the	  UGRB	  
suggest	  that	  current	  chemical	  mechanisms	  may	  need	  to	  be	  modified	  to	  account	  for	  1)	  
potential	  daytime	  HONO	  formation	  and	  2)	  temperature	  effects	  on	  chemical	  reaction	  rates.	  	  


Box	  modeling	  of	  ozone	  formation	  in	  the	  UGRB	  by	  Carter	  and	  Seinfeld	  (2012)	  and	  Nopmongcol	  et	  
al.	  (2010)	  showed	  that	  existing	  chemical	  mechanisms	  (SAPRC-‐07	  and	  CB05,	  respectively)	  
generate	  peak	  ozone	  levels	  on	  par	  with	  observed	  values.	  	  However,	  sensitivity	  analyses	  
performed	  by	  Carter	  and	  Seinfeld	  identified	  significant	  differences	  in	  VOC	  reactivities	  between	  
the	  winter	  conditions	  in	  the	  UGRB	  and	  standard	  summer	  urban	  conditions.	  	  They	  also	  showed	  
that	  the	  potential	  daytime	  production	  of	  HONO	  from	  NO2	  via	  heterogeneous	  reactions	  on	  the	  
snow	  surface	  could	  contribute	  significantly	  to	  ozone	  production	  under	  some	  conditions.	  	  	  


Carter	  and	  Seinfeld	  (2012)	  also	  found	  significant	  spatial	  and	  temporal	  heterogeneity	  in	  chemical	  
conditions	  across	  the	  UGRB.	  	  While	  a	  similar	  analysis	  of	  VOC	  versus	  NOx	  sensitivity	  and	  VOC	  
reactivities	  for	  winter	  conditions	  has	  not	  been	  performed	  in	  the	  Uintah	  Basin,	  it	  is	  not	  
unreasonable	  to	  expect	  that	  similar	  spatial	  and	  temporal	  heterogeneity	  is	  present,	  given	  the	  
similarities	  between	  the	  two	  basins,	  and	  given	  the	  complex	  topography	  (Question	  E.1)	  and	  
spatial	  variability	  in	  emission	  source	  types	  in	  the	  Basin	  (Question	  A.4).	  	  
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As	  indicated	  by	  Martin	  et	  al.	  (2011),	  existing	  chemical	  mechanisms	  that	  were	  developed	  and	  
evaluated	  against	  data	  representative	  of	  summer	  urban	  conditions	  may	  not	  fully	  account	  for	  the	  
effects	  of	  cold	  winter	  temperatures	  on	  reaction	  rates	  and	  the	  relative	  distributions	  of	  reaction	  
products.	  	  Carter	  and	  Seinfeld	  (2012)	  also	  noted	  that	  the	  temperature	  sensitivities	  of	  some	  
reaction	  mechanisms	  have	  not	  been	  fully	  evaluated.	  	  Chapter	  7	  shows	  that	  winter	  ozone	  
production	  is	  temperature	  dependent.	  	  While	  results	  from	  these	  studies	  suggest	  that	  overall	  
reactivity	  is	  lower	  under	  colder	  temperatures,	  quantitative	  research	  in	  this	  area	  is	  needed.	  	  	  


Finding	  E.2.2:	  	  Field	  measurements	  in	  ozone-‐producing	  conditions	  are	  needed	  to	  fully	  evaluate	  
meteorological	  and	  photochemical	  models	  for	  Uintah	  Basin	  winter	  ozone	  episodes.	  	  


As	  noted	  above,	  UBOS	  2011-‐12	  did	  not	  encounter	  any	  elevated	  ozone	  episodes,	  and	  since	  ozone	  
episode	  conditions	  are	  chemically	  and	  meteorologically	  distinct	  from	  non-‐episode	  conditions,	  
data	  from	  the	  study	  will	  be	  less	  useful	  for	  model	  evaluation.	  	  Observations	  of	  ozone,	  precursors,	  
reaction	  products,	  and	  meteorology	  under	  episode	  conditions	  are	  needed	  to	  support	  modeling	  
in	  the	  Basin.	  	  


Analyses	  of	  2010-‐11	  ozone	  episodes	  presented	  by	  Martin	  et	  al.	  (2011)	  show	  that	  wind	  flow	  
patterns	  in	  the	  Basin	  are	  extremely	  complex	  under	  ozone	  episode	  conditions.	  	  Winter	  cold	  pool	  
events	  are	  challenging	  to	  simulate,	  and	  the	  ability	  of	  currently	  available	  meteorological	  models	  
to	  reproduce	  these	  features	  remains	  mostly	  untested.	  	  Data	  needed	  to	  evaluate	  a	  
meteorological	  model	  of	  the	  Basin	  include	  vertical	  profiles	  of	  winds	  and	  temperatures	  at	  
multiple	  locations	  and	  surface	  meteorological	  parameters	  over	  an	  extensive	  network.	  	  	  


Data	  needed	  to	  evaluate	  a	  photochemical	  model	  for	  the	  Basin	  include	  continuous	  surface	  air	  
quality	  measurements	  of	  ozone	  and	  key	  ozone	  precursors	  including,	  minimally,	  speciated	  VOC	  
and	  NOx.	  	  These	  measurements	  are	  needed	  at	  spatially	  representative	  sites	  that	  are	  also	  
characteristic	  of	  different	  chemical	  environments	  (e.g.,	  populated	  versus	  remote,	  oil	  producing	  
versus	  gas	  producing).	  	  	  


Vertical	  profile	  measurements	  of	  ozone	  and	  precursors	  are	  also	  needed	  to	  understand	  transport	  
behavior	  aloft.	  	  Additionally,	  CO	  and	  methane	  measurements	  can	  help	  identify	  emissions	  
sources,	  and	  SO2	  measurements	  can	  help	  trace	  the	  plume	  impacts	  of	  coal-‐fired	  power	  plants.	  	  
Measurements	  of	  speciated	  particulate	  matter	  can	  help	  characterize	  the	  sources	  and	  fate	  of	  
VOC,	  NOx,	  and	  other	  potentially	  relevant	  emissions	  sources	  such	  as	  wood	  burning	  stoves.	  	  
Detailed	  measurements	  of	  key	  nitrogen	  species	  and	  VOC	  similar	  to	  those	  reported	  in	  Chapter	  3	  
need	  to	  be	  repeated	  under	  episode	  conditions	  to	  develop	  a	  reasonable	  understanding	  of	  the	  
radical	  budget	  that	  the	  photochemical	  model	  must	  be	  able	  to	  reproduce	  in	  order	  to	  accurately	  
predict	  ozone	  sensitivity	  to	  changes	  in	  precursor	  emissions.	  	  Deposition	  rates	  of	  ozone	  and	  other	  
key	  species	  on	  snow	  are	  also	  uncertain	  and	  measurements	  are	  needed	  to	  constrain	  deposition	  
velocities	  for	  these	  compounds.	  	  	  


Conclusions	  
Further	  research	  is	  needed	  for	  development	  and	  validation	  of	  meteorological	  and	  
photochemical	  models	  of	  winter	  ozone	  episodes	  in	  the	  Uintah	  Basin.	  	  	  
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Question	  E.3	  
What	  are	  the	  main	  issues	  regarding	  winter	  ozone	  formation	  that	  should	  be	  the	  focus	  of	  future	  
studies?	  


Background	  
Ozone	  levels	  recorded	  during	  UBOS	  2011-‐12	  were	  well	  below	  the	  ozone	  NAAQS.	  	  As	  a	  result,	  the	  
study	  team	  was	  not	  able	  to	  perform	  measurements	  representative	  of	  conditions	  during	  which	  
significant	  ozone	  formation	  occurs.	  	  While	  the	  data	  collected	  in	  the	  study	  have	  proven	  extremely	  
useful,	  additional	  measurements	  under	  ozone	  episode	  conditions	  are	  needed	  to	  address	  key	  
uncertainties	  such	  as	  the	  major	  components	  of	  the	  radical	  budget,	  the	  structure	  and	  
characteristics	  of	  inversion	  meteorology,	  the	  sensitivity	  of	  ozone	  to	  VOC	  composition	  and	  
changes	  in	  VOC	  and	  NOx	  concentrations,	  and	  the	  vertical	  and	  horizontal	  distribution	  of	  ozone	  
and	  precursors.	  	  Meteorological	  and	  photochemical	  modeling	  and	  further	  inventory	  
development	  are	  also	  needed	  to	  identify	  the	  most	  effective	  mitigation	  strategies	  for	  reducing	  
winter	  ozone.	  	  


Findings	  
Finding	  E.3.1:	  	  Continued	  study	  of	  winter	  ozone	  formation	  in	  the	  Uintah	  Basin	  is	  needed	  to	  
develop	  effective	  mitigation	  strategies.	  


Continuing	  study	  goals	  include	  the	  following:	  	  


• Characterization	  of	  the	  horizontal	  spatial	  variability	  in	  ambient	  ozone,	  VOC,	  and	  NOx	  
concentrations	  during	  ozone	  episodes.	  	  These	  data	  are	  necessary	  to	  evaluate	  ozone	  
sensitivity	  to	  VOC	  and	  NOx	  in	  different	  areas	  within	  the	  Basin	  and	  to	  characterize	  
emissions	  and	  transport	  across	  the	  Basin.	  	  


• Continued	  development	  of	  a	  Basin-‐wide	  emissions	  inventory	  that	  includes	  temporal	  and	  
spatial	  distribution	  and	  speciation	  of	  VOC	  and	  NOx	  and	  integrates	  gridded	  and	  activity-‐
specific	  information	  from	  current	  inventories.	  	  Three	  categories	  of	  emissions	  inventory	  
research	  exist:	  	  


o Bottom	  up	  estimates	  using	  activity	  data	  and	  equipment	  emissions	  factors,	  	  


o Top	  down	  estimates	  using	  ambient	  concentrations	  and	  modeling,	  and	  


o Emissions	  estimates	  of	  specific	  source	  categories	  using	  measurements	  and	  
modeling.	  	  


• Evaluation	  of	  the	  importance	  of	  snow	  photochemistry	  and	  radical	  sources	  (especially	  
nitryl	  chloride,	  formaldehyde,	  and	  HONO).	  	  This	  data	  will	  address	  the	  potential	  for	  
unique	  aspects	  of	  winter	  ozone	  chemistry	  to	  affect	  the	  sensitivity	  of	  ozone	  to	  VOC	  and	  
NOx.	  	  Of	  particular	  importance	  is	  resolving	  the	  apparently	  contradictory	  measurements	  
of	  alkene	  abundances	  between	  the	  2010-‐11	  and	  2011-‐12	  studies	  and	  determining	  the	  
contribution	  of	  alkenes	  to	  the	  radical	  budget	  and	  VOC	  reactivity.	  	  


• Characterization	  of	  NOx	  emissions	  transport	  within	  and	  above	  the	  inversion	  layer.	  
Transport	  of	  NOx	  emissions	  above	  the	  inversion	  layer	  will	  affect	  VOC/NOx	  ratios	  within	  
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the	  inversion	  layer	  and	  could	  change	  the	  relative	  effectiveness	  of	  VOC	  and	  NOx	  
emissions	  mitigation.	  	  


• Characterization	  of	  inversion	  height	  and	  winds.	  	  These	  data	  are	  necessary	  for	  modeling	  
Basin	  meteorology	  and	  ozone	  and	  for	  evaluating	  the	  transport	  and	  dispersion	  of	  
emissions.	  	  


• Development	  of	  photochemical	  model	  simulations	  to	  evaluate	  the	  comparative	  
effectiveness	  and	  to	  quantify	  the	  needed	  levels	  of	  VOC	  and	  NOx	  mitigations.	  	  Modeling	  
and	  measurement	  studies	  that	  are	  designed	  and	  implemented	  together	  and	  that	  build	  
on	  each	  other’s	  findings	  can	  be	  especially	  useful.	  	  


• Quantification	  of	  day-‐specific	  background	  ozone	  levels	  during	  elevated	  ozone	  episodes.	  	  
These	  data	  are	  needed	  to	  accurately	  estimate	  the	  amount	  of	  ozone	  formed	  locally	  in	  the	  
Basin	  compared	  to	  ozone	  transported	  into	  the	  Basin.	  	  


• Evaluation	  of	  trends	  in	  ozone,	  VOC,	  and	  NOx	  ambient	  levels	  over	  multiple	  years.	  
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CHAPTER	  I	  


LONG-‐TERM	  MONITORING	  FOR	  OZONE	  &	  KEY	  PRECURSOR	  SPECIES	  


	  


Seth	  Lyman1,	  Randy	  Martin2,	  Scott	  Hill3,	  Kori	  Moore4,	  and	  Howard	  Shorthill1	  
1Bingham	  Entrepreneurship	  &	  Energy	  Research	  Center,	  Utah	  State	  University,	  Vernal,	  UT.	  
2Utah	  Water	  Research	  Laboratory,	  Utah	  State	  University,	  Logan,	  UT.	  
3Carbon	  Energy	  Innovations	  Center,	  Utah	  State	  University	  Eastern,	  Price,	  UT.	  
4Space	  Dynamics	  Laboratory,	  Utah	  State	  University	  Research	  Foundation,	  Logan,	  UT.	  
*Bowen	  Call,	  Neal	  Olson,	  and	  others	  at	  the	  Utah	  Department	  of	  Environmental	  Quality	  	  
participated	  in	  establishing	  sites	  and	  collecting	  essential	  data.	  


	  


	  


INTRODUCTION	  
High	  wintertime	  ozone	  has	  only	  been	  observed	  in	  the	  Uintah	  Basin	  in	  the	  presence	  of	  heavy	  snow	  cover,	  
strong	  ground-‐based	  inversions,	  and	  adequate	  concentrations	  of	  ozone	  precursors,	  particularly	  volatile	  
organic	  compounds	  (VOC)	  and	  oxides	  of	  nitrogen	  (NOx)	  (ENVIRON,	  2010;	  Martin	  et	  al.,	  2011;	  Schnell	  et	  
al.,	  2009).	  	  Observations	  further	  indicate	  significant	  year-‐to-‐year	  variability	  in	  Basin	  wintertime	  
meteorology	  (see	  Chapter	  7),	  and	  variability	  in	  precursor	  emissions	  is	  expected	  (see	  Chapter	  4).	  	  
Understanding	  of	  these	  phenomena	  is	  increasing,	  but	  significant	  gaps	  still	  exist,	  particularly	  with	  regards	  
to	  the	  temporal	  and	  spatial	  variability	  in	  the	  conditions	  conducive	  to	  ozone	  formation.	  	  


Measurements	  of	  ozone,	  ozone	  precursors,	  and	  meteorological	  parameters	  over	  multiple	  years	  in	  the	  
Basin	  are	  critical	  to	  understanding	  not	  only	  the	  complex	  interactions	  that	  produce	  ozone	  but	  also	  the	  
effects	  of	  inter-‐annual	  variability.	  	  These	  data	  will	  be	  useful	  for	  verification	  of	  research	  and	  regulatory	  
models	  that	  simulate	  ozone	  production	  in	  the	  Basin	  and	  for	  determination	  of	  suitable	  mitigation	  
strategies.	  	  As	  precursor	  reduction	  strategies	  are	  implemented,	  long-‐term	  measurements	  will	  also	  verify	  
the	  effectiveness	  of	  mitigation.	  


Permanent	  monitoring	  stations	  were	  established	  at	  Roosevelt,	  Utah,	  and	  at	  Horse	  Pool	  (an	  oil	  industry	  
injection	  site	  in	  central	  Uintah	  County,	  Utah,	  to	  measure	  meteorological	  parameters	  and	  concentrations	  
of	  ozone	  and	  precursors.	  	  The	  stations	  were	  operated	  during	  winter	  2011-‐12	  and	  will	  continue	  to	  
operate	  in	  subsequent	  years	  to	  establish	  trends	  in	  measured	  parameters	  and	  to	  analyze	  factors	  that	  
influence	  winter	  ozone	  production	  in	  the	  Uintah	  Basin.	  


Though	  work	  continues	  and	  further	  analyses	  are	  underway,	  this	  chapter	  describes	  and	  analyzes	  data	  
collected	  during	  winter	  2011-‐12	  at	  the	  Roosevelt	  and	  Horse	  Pool	  sites.	  	  Support	  of	  this	  work	  was	  
provided	  by	  the	  Uintah	  Impact	  Mitigation	  Special	  Service	  District,	  Mark	  and	  Debbie	  Bingham,	  the	  Utah	  
Department	  of	  Environmental	  Quality,	  and	  the	  United	  States	  Department	  of	  Energy.	  
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METHODS	  
Site	  Descriptions	  
The	  Roosevelt	  station	  resides	  at	  40.2942,	  -‐110.0090	  (~	  400	  South	  1000	  West),	  near	  Constitution	  Park	  in	  
Roosevelt,	  Utah,	  a	  population	  center	  moderately	  distant	  from	  concentrated	  areas	  of	  oil	  and	  gas	  
development.	  	  The	  Horse	  Pool	  station	  is	  located	  at	  40.1437,	  -‐109.4672,	  an	  area	  of	  intensive	  oil	  and	  gas	  
extraction	  in	  southeast	  Uintah	  Basin.	  	  Figure	  1-‐1	  shows	  site	  photographs.	  	  	  


Instruments	  at	  each	  site	  were	  calibrated,	  audited,	  and	  serviced	  according	  to	  manufacturer	  and	  EPA	  
protocols.	  	  Parallel	  instrumentation	  and	  capability	  afforded	  meaningful	  site	  comparisons.	  	  Data	  from	  
other	  sites,	  including	  those	  operated	  by	  the	  Utah	  Department	  of	  Environmental	  Quality,	  Enefit,	  and	  
Golder	  Associates,	  were	  also	  used.	  


	  
Figure	  1-‐1.	  	  Mobile	  monitoring	  laboratories	  sited	  at	  Roosevelt	  and	  Horse	  Pool.	  


	  


Ozone	  
Ozone	  was	  monitored	  using	  a	  Teledyne-‐API	  Model	  400	  analyzer	  at	  Roosevelt	  and	  an	  Ecotech	  Model	  
9810	  analyzer	  at	  Horse	  Pool.	  	  The	  analyzers	  were	  calibrated	  using	  NIST-‐traceable	  ozone	  standards.	  


Oxides	  of	  Nitrogen	  
At	  both	  sites,	  measurements	  of	  NO,	  NO2,	  and	  NOx	  (NO	  +	  NO2)	  were	  made	  using	  a	  photolytic	  NO2	  reducer	  
to	  derive	  “true”	  NO2.	  	  NOy	  (sum	  of	  NOx	  and	  other	  reactive	  nitrogen	  species,	  including	  HNO3,	  HONO,	  PAN,	  
particulate	  nitrates,	  etc.)	  was	  measured	  by	  converting	  all	  reactive	  nitrogen	  to	  NO	  with	  a	  catalytic	  
molybdenum	  converter	  and	  analyzing	  the	  products	  as	  NO.	  	  NOx	  and	  NOy	  at	  Roosevelt	  were	  measured	  via	  
a	  modified	  Thermo	  Model	  42c	  analyzer	  with	  an	  Air	  Quality	  Design	  NOxy	  converter.	  	  NOx	  and	  NOy	  at	  Horse	  


Roosevelt	   Horse	  Pool	  
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Pool	  were	  measured	  with	  an	  Ecotech	  9841	  analyzer	  (modified	  with	  photolytic	  NO2	  converter)	  and	  an	  
Ecotech	  9843	  analyzer,	  respectively.	  	  Analyzers	  were	  calibrated	  using	  NIST-‐traceable	  NO	  standards.	  	  


Hydrocarbons	  


Roosevelt	  Site	  
At	  the	  Roosevelt	  site,	  non-‐methane	  hydrocarbons	  (NMHC)	  concentrations	  were	  measured	  using	  
evacuated	  six-‐liter	  stainless	  steel	  Summa	  canisters	  that	  collected	  one-‐hour	  integrated	  whole	  air	  
samples	  for	  commercial	  laboratory	  analysis	  (Ace	  Labs,	  Inc.).	  	  A	  real-‐time	  gas	  chromatograph	  was	  
originally	  planned	  for	  the	  site,	  but	  the	  manufacturer	  was	  unable	  to	  supply	  a	  working	  instrument	  
in	  time	  for	  the	  study.	  	  Canister	  samples	  were	  collected	  from	  14-‐24	  February	  2012	  from	  the	  roof	  
of	  the	  sampling	  trailer	  at	  about	  four	  meters	  above	  ground	  level.	  	  Samples	  were	  collected	  each	  
day	  at	  1:00-‐2:00,	  7:30-‐8:30,	  13:00-‐14:00,	  and	  18:00-‐19:00	  Mountain	  Standard	  Time	  (MST).	  	  
Samples	  were	  analyzed	  by	  gas	  chromatography/mass	  spectrometry	  for	  acetaldehyde,	  acetone,	  
formaldehyde,	  and	  hydrocarbons	  (3-‐12	  carbon	  atoms).	  	  


Vendor	  quantification	  of	  the	  identified	  spectra	  was	  accomplished	  using	  compound-‐specific	  
calibration	  standards.	  	  Additionally,	  the	  vendor	  performed	  two	  blank	  canister	  analyses	  (no	  
compounds	  found)	  and	  performed	  duplicate	  analyses	  on	  two	  separate	  samples	  (no	  significant	  
differences	  found).	  


Methane	  grab	  samples	  at	  the	  Roosevelt	  site	  were	  manually	  collected	  into	  30	  mL	  glass	  vials	  with	  
TFE	  septa	  from	  the	  rooftop	  of	  the	  sampling	  trailer	  from	  14-‐24	  February	  2012.	  	  Samples	  were	  
analyzed	  at	  the	  Utah	  Water	  Research	  Laboratory	  (UWRL)	  using	  a	  gas	  chromatography-‐flame	  
ionization	  system.	  	  Methane	  vials,	  for	  the	  greater	  part,	  were	  collected	  at	  the	  start	  and	  end	  of	  
each	  canister	  collection	  period,	  and	  intermittently	  throughout	  the	  daily	  sampling	  periods.	  	  
Methane	  grab	  samples	  also	  were	  collected	  at	  several	  other	  locations	  throughout	  the	  Basin	  
(Altamont,	  Moondance,	  Ouray,	  Pariette	  Draw,	  Red	  Wash,	  and	  Wells	  Draw).	  


Horse	  Pool	  Site	  
At	  Horse	  Pool,	  ambient	  methane	  and	  total	  NMHC	  concentrations	  were	  measured	  using	  a	  
Chromatotech	  gas	  chromatograph	  that	  collected	  30-‐second	  ambient	  air	  samples	  every	  five	  
minutes.	  	  The	  system	  used	  an	  external	  zero	  air	  generator	  and	  either	  bottled	  or	  generated	  
hydrogen,	  and	  was	  calibrated	  before	  and	  during	  the	  sampling	  period.	  


NMHC	  concentrations	  are	  reported	  in	  ppb-‐C3	  (parts	  per	  billion	  in	  C3	  [propane]	  equivalents).	  	  
Since	  the	  detector	  response	  for	  a	  given	  compound	  is	  dependent	  on	  the	  number	  of	  carbon	  atoms	  
in	  that	  compound,	  the	  system	  reports	  the	  number	  of	  carbon	  atoms	  in	  a	  sample,	  not	  the	  number	  
of	  hydrocarbon	  molecules	  in	  the	  sample.	  	  For	  convenience,	  this	  output	  is	  scaled	  to	  the	  detector	  
response	  for	  propane.	  	  	  


Carbonyl	  compounds	  were	  collected	  at	  Horse	  Pool	  and	  subsequently	  analyzed	  following	  the	  
protocols	  outlined	  in	  EPA	  Compendium	  Method	  TO-‐11A	  (EPA,	  1999).	  	  The	  samples	  were	  
collected	  four	  times	  per	  day	  over	  two-‐hour	  periods	  (0:30-‐2:30,	  7:00-‐9:00,	  12:30-‐14:30,	  and	  
17:30-‐19:30)	  using	  a	  Tisch	  Environmental	  Model	  423	  3-‐Channel	  Carbonyl	  sampler	  and	  
commercial	  dinitrophenylhydrazine	  (DNPH)-‐coated	  cartridges	  (Supelco,	  LpDNPH	  S10L).	  	  The	  
Tisch	  system	  was	  calibrated	  prior	  to	  field	  deployment	  and	  sampled	  at	  a	  nominal	  flow	  rate	  of	  1.0	  
L	  min-‐1.	  	  To	  guard	  against	  unwanted	  ozone	  interferences,	  KI	  scrubbers	  preceded	  each	  of	  the	  
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DNPH	  cartridges.	  	  These	  scrubbers	  were	  replaced	  weekly.	  	  Field	  blanks	  were	  taken	  once	  per	  day,	  
and	  laboratory	  blanks	  and	  spiked	  samples	  were	  also	  analyzed.	  	  Samples	  were	  analyzed	  by	  high	  
performance	  liquid	  chromatography	  at	  the	  UWRL.	  	  Commercial	  standards	  were	  used	  for	  peak	  
identification	  and	  quantification.	  	  


Particulate	  Matter	  
Particulate	  matter	  was	  monitored	  at	  the	  Roosevelt	  and	  Horse	  Pool	  sites	  using	  both	  real-‐time	  (hourly	  
averaged)	  and	  filter-‐based	  (daily	  integrated)	  samplers.	  	  At	  Horse	  Pool,	  both	  PM10	  (particulate	  matter	  less	  
than	  10	  µm	  in	  diameter)	  and	  PM2.5	  (particulate	  matter	  less	  than	  2.5	  µm	  in	  diameter)	  were	  monitored	  
using	  hourly	  samplers;	  however,	  at	  Roosevelt,	  only	  PM2.5	  was	  monitored	  on	  an	  hourly	  basis.	  	  All	  hourly	  
samples	  were	  made	  with	  MetOne	  BAM-‐1020	  analyzers.	  	  Similar	  data	  from	  the	  UDEQ	  sampling	  station	  in	  
Vernal	  were	  also	  included	  in	  the	  analysis.	  	  


Filter-‐based	  samplers	  were	  used	  to	  collect	  particulate	  matter	  for	  compositional	  analysis	  at	  the	  Roosevelt	  
site.	  	  Three	  collocated	  PM2.5	  samplers	  were	  used	  14-‐24	  February	  2012	  at	  Roosevelt:	  two	  Anderson	  RAAS	  
PM2.5	  systems	  and	  a	  BGI	  PQ200	  system.	  	  The	  samplers’	  23-‐hour	  sample	  period,	  from	  12:30	  to	  11:30,	  left	  
one	  hour	  each	  day	  for	  filter	  exchange.	  	  The	  samplers	  operated	  at	  an	  average	  flow	  rate	  of	  16.7	  Lpm	  and	  
collected	  particulate	  matter	  on	  a	  47	  mm	  filter.	  	  Prior	  to	  the	  field	  deployment,	  each	  monitor’s	  flow	  
control	  system	  was	  calibrated	  using	  a	  certified	  transfer	  standard.	  	  At	  Horse	  Pool,	  measurements	  of	  
chemical	  composition	  were	  collected	  by	  NOAA.	  	  


The	  Interagency	  Monitoring	  of	  Protected	  Visual	  Environments	  (IMPROVE)	  network	  has	  demonstrated	  
that	  most	  fine	  particulate	  matter	  is	  composed	  primarily	  of	  crustal	  (elemental)	  species,	  organic	  carbon,	  
elemental	  carbon	  (black,	  soot),	  ammonium	  sulfate,	  and	  ammonium	  nitrate	  (IMPROVE,	  2011).	  	  These	  
material	  classifications	  were	  targeted	  for	  identification.	  	  	  


Two	  pre-‐conditioned	  and	  pre-‐weighed	  47	  mm	  Teflon	  (TFE)	  membrane	  filters	  were	  used	  for	  gravimetric	  
(total	  mass),	  ionic	  (soluble	  compounds),	  and	  X-‐ray	  fluorescence	  (elemental	  composition)	  analyses.	  	  In	  
addition,	  one	  pre-‐conditioned	  47	  mm	  quartz	  filter	  was	  used	  for	  organic	  and	  elemental	  carbon	  analyses.	  	  
The	  TFE	  filters	  were	  pre-‐	  and	  post-‐conditioned	  by	  storage	  at	  room	  temperature	  in	  a	  silica	  gel	  desiccator	  
for	  a	  minimum	  of	  24	  hours.	  	  After	  conditioning,	  the	  filters	  were	  weighed	  using	  a	  Mettler	  MT5	  
microbalance	  on	  successive	  days	  until	  a	  consistency	  of	  ±2.5	  µg	  was	  obtained	  for	  at	  least	  three	  
consecutive	  weighings.	  	  Prior	  to	  and	  after	  exposure,	  quartz	  filters	  were	  kept	  in	  separate	  foil-‐covered	  
petri	  dishes	  and	  stored	  in	  a	  lab	  refrigerator	  (≤4°C).	  	  	  


Ion	  chromatography	  analysis	  at	  the	  UWRL	  quantified	  the	  soluble	  ionic	  species	  of	  collected	  particulate	  
matter.	  	  Soluble	  ions	  were	  extracted	  from	  filter	  samples	  by	  sonicating	  in	  de-‐ionized	  water	  for	  10	  
minutes.	  	  Immediately	  following	  final	  extraction,	  half	  the	  extract	  was	  removed	  and	  spiked	  with	  HCl	  to	  fix	  
the	  ammonium	  (NH4


+)	  for	  cation	  analysis.	  	  The	  remaining	  extract	  was	  left	  untreated	  for	  anion	  analysis.	  	  
Extracts	  were	  passed	  through	  a	  0.2	  μm	  nylon	  filter,	  and	  a	  Dionex	  ICS	  3000	  ion	  chromatograph	  was	  used	  
to	  determine	  cation	  (AS-‐11	  HC	  column)	  and	  anion	  (CS12A	  column)	  concentrations.	  	  Anion	  calibrations	  
included	  fluoride,	  chloride,	  nitrate,	  nitrite,	  and	  sulfate.	  	  Cation	  calibrations	  included	  sodium,	  ammonium,	  
potassium,	  magnesium	  and	  calcium.	  	  De-‐ionized	  water	  and	  quality	  control	  samples	  were	  checked	  prior	  
to	  analysis	  and	  rechecked	  approximately	  every	  ten	  samples.	  	  Field	  and	  lab	  blanks	  of	  both	  filter	  types	  
were	  collected	  and	  analyzed.	  	  Duplicate	  analyses	  were	  performed	  on	  no	  less	  than	  10%	  of	  the	  samples.	  


After	  obtaining	  consistent	  mass	  determination,	  one	  TFE	  filter	  from	  each	  run	  was	  analyzed	  for	  PM2.5-‐
bound	  elemental	  composition	  via	  X-‐ray	  fluorescence	  (XRF)	  by	  a	  commercial	  laboratory	  (CHESTER	  
LabNet,	  Tigard,	  OR)	  following	  EPA	  IO-‐3.3	  protocol.	  	  Target	  elements	  included	  Na,	  Mg,	  Al,	  Si,	  P,	  S,	  Cl,	  K,	  
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Ca,	  Ti,	  V,	  Cr,	  Mn,	  Fe,	  Co,	  Ni,	  Cu,	  Zn,	  Ga,	  Ge,	  As,	  Se,	  Br,	  Rb,	  Sr,	  Y,	  Zr,	  Mo,	  Pd,	  Ag,	  Cd,	  In,	  Sn,	  Sb,	  Ba,	  La,	  Hg,	  
and	  Pb.	  	  As	  was	  the	  case	  with	  similar	  samples	  from	  the	  2011	  study,	  most	  of	  the	  target	  elements	  were	  
observed,	  but	  not	  all	  were	  at	  levels	  statistically	  above	  the	  reported	  limits	  of	  detection.	  


Organic	  and	  elemental	  carbons	  in	  filter	  samples	  were	  determined	  by	  a	  commercial	  laboratory	  (Sunset	  
Laboratory,	  Tigard,	  OR).	  	  As	  described	  by	  Birch	  and	  Cary	  (1996),	  filters	  were	  exposed	  to	  an	  oxygen-‐free,	  
helium	  atmosphere	  and	  heated	  through	  a	  stepped	  series	  to	  approximately	  700°C	  to	  vaporize	  organic	  
carbon.	  	  The	  gas-‐phase	  carbon	  was	  transferred	  to	  an	  oxidizer	  oven	  where	  it	  was	  converted	  to	  carbon	  
dioxide,	  followed	  by	  methanization	  and	  quantification	  via	  flame	  ionization	  detection.	  	  The	  remaining	  
filter	  sample	  was	  then	  heated	  to	  850°C,	  vaporizing	  the	  remaining	  elemental	  carbon	  and	  quantifying	  the	  
elemental	  carbon	  concentrations	  following	  the	  same	  procedure	  as	  the	  organic	  carbon	  concentrations.	  	  
The	  reported	  organic	  carbon	  concentrations	  were	  increased	  by	  the	  recommended	  multiplier	  of	  1.7	  to	  
account	  for	  the	  non-‐carbon	  components	  of	  the	  organic	  compounds’	  mass	  (Malm	  and	  Hand,	  2007).	  


Meteorology	  
Temperature	  at	  2	  and	  10	  m,	  pressure,	  wind	  speed	  and	  direction,	  relative	  humidity,	  precipitation,	  and	  
snow	  depth	  were	  measured	  at	  Horse	  Pool	  and	  Roosevelt.	  	  Kipp	  and	  Zonen	  CNR4	  net	  radiometers	  
measured	  incoming	  and	  outgoing	  solar	  radiation	  at	  short	  (300-‐2800	  nm)	  and	  long	  (4500-‐42000	  nm)	  
wavelengths	  at	  both	  sites.	  	  UVA	  and	  UVB	  radiometers	  were	  used	  to	  measure	  incoming	  and	  outgoing	  UV	  
radiation	  at	  Horse	  Pool.	  	  Surface	  reflectance	  (i.e.,	  albedo)	  was	  calculated	  from	  the	  difference	  between	  
incoming	  and	  outgoing	  radiation.	  


Traffic	  
A	  motion-‐activated	  camera	  was	  installed	  adjacent	  to	  Wonsits	  Valley	  Road	  near	  the	  Horse	  Pool	  site.	  	  
Images	  from	  this	  camera	  were	  compiled	  to	  determine	  traffic	  patterns.	  


	  


RESULTS	  AND	  DISCUSSION	  
Ozone	  
Ozone	  data	  from	  Roosevelt,	  Horse	  Pool,	  and	  all	  other	  study	  sites	  are	  discussed	  in	  Study	  Component	  2.	  


Oxides	  of	  Nitrogen	  
Concentrations	  of	  NOx	  were	  variable	  on	  short	  time	  scales	  at	  both	  Roosevelt	  and	  Horse	  Pool,	  reflecting	  
the	  influence	  of	  local	  sources	  on	  these	  sites	  (Figure	  1-‐2).	  	  In	  Figure	  1-‐2,	  differences	  between	  the	  sites	  at	  
the	  lowest	  NOx	  concentrations	  may	  be	  due	  in	  part	  to	  differences	  in	  instrument	  calibration	  and	  
instrument	  performance	  near	  detection	  limits.	  	  Figure	  1-‐3	  shows	  the	  diurnal	  trend	  in	  NOx	  at	  Horse	  Pool,	  
Roosevelt,	  Ouray,	  Red	  Wash,	  and	  Rabbit	  Mountain,	  and	  Table	  1-‐1	  shows	  average	  concentrations	  of	  NOx	  
and	  other	  criteria	  pollutants	  at	  Horse	  Pool	  and	  Roosevelt.	  	  


NOx	  and	  NOy	  at	  Roosevelt	  showed	  a	  pronounced	  peak	  in	  the	  morning,	  likely	  due	  to	  NOx	  emissions	  from	  
vehicles	  during	  rush	  hour.	  	  The	  site	  exhibited	  a	  less	  pronounced	  peak	  during	  the	  afternoon	  rush	  hour	  
period,	  likely	  because	  of	  increased	  atmospheric	  mixing	  that	  diluted	  emitted	  NOx.	  


NOx	  and	  NOy	  at	  Horse	  Pool	  exhibited	  a	  slow	  nightly	  build-‐up	  that	  continued	  until	  midday.	  	  The	  lowest	  
concentrations	  were	  observed	  in	  the	  late	  afternoon	  when	  atmospheric	  mixing	  was	  greatest.	  	  Maximum	  
NOx	  were	  observed	  at	  the	  time	  of	  greatest	  vehicle	  activity	  on	  Wonsits	  Valley	  Road,	  which	  is	  26	  m	  north	  
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of	  the	  Horse	  Pool	  site	  (Figure	  1-‐4).	  	  Vehicle	  traffic	  on	  Wonsits	  Valley	  Road	  did	  not	  follow	  a	  typical	  rush-‐
hour	  pattern	  but	  instead	  peaked	  at	  midday,	  consistent	  with	  the	  diurnal	  pattern	  of	  NOx	  at	  Horse	  Pool	  and	  
indicating	  the	  influence	  of	  mobile	  source	  emissions	  on	  ambient	  NOx	  in	  this	  oil	  and	  gas	  producing	  area.	  	  It	  
is	  likely	  that	  traffic	  patterns	  on	  other	  roads	  in	  the	  area	  are	  similar	  to	  Wonsits	  Valley	  Road	  and	  that	  the	  
average	  diurnal	  pattern	  of	  NOx	  is	  influenced	  by	  traffic	  on	  all	  area	  roads.	  


NOx	  at	  Ouray	  followed	  a	  diurnal	  pattern	  similar	  to	  that	  at	  Horse	  Pool.	  	  Since	  the	  Red	  Wash	  site	  is	  near	  a	  
major	  highway	  with	  heavy	  traffic	  and	  is	  closer	  to	  population	  centers,	  peak	  traffic	  likely	  occurs	  earlier	  in	  
the	  day,	  which	  would	  explain	  the	  earlier	  NOx	  peak	  at	  that	  site.	  	  Rabbit	  Mountain,	  a	  remote	  site	  with	  little	  
anthropogenic	  activity,	  had	  little	  NOx	  and	  no	  pronounced	  diurnal	  pattern.	  	  	  


Were	  Horse	  Pool,	  Ouray,	  and	  Red	  Wash	  influenced	  primarily	  by	  stationary	  rather	  than	  mobile	  sources,	  
diurnal	  profiles	  would	  show	  a	  buildup	  of	  NOx	  at	  night	  and	  lowest	  NOx	  at	  midday	  due	  to	  enhanced	  
atmospheric	  mixing	  and	  dilution	  during	  the	  daylight	  hours.	  	  Instead,	  the	  match	  between	  traffic	  patterns	  
and	  NOx	  at	  these	  sites	  argues	  that	  mobile	  sources	  have	  a	  large	  influence	  in	  NOx	  concentrations	  in	  oil	  and	  
gas	  producing	  areas	  of	  the	  Uintah	  Basin.	  


	  
Figure	  1-‐2.	  	  Time	  series	  of	  NOx	  at	  Horse	  Pool	  and	  Roosevelt,	  winter	  2012.	  
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Figure	  1-‐3.	  	  Diurnal	  hourly	  mean	  NOx	  concentrations	  at	  several	  sites	  in	  the	  Uintah	  Basin	  (see	  Chapter	  2).	  
	  


	  


	  
Figure	  1-‐4.	  Average	  number	  of	  vehicles	  on	  Wonsits	  Valley	  Road	  (26	  m	  north	  of	  Horse	  Pool	  site).	  
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Table	  1-‐1.	  	  Statistical	  summary	  of	  one-‐hour	  average	  criteria	  pollutant	  and	  meteorological	  data	  at	  
Horse	  Pool	  and	  Roosevelt	  sites.	  	  “N.D.”	  indicates	  a	  value	  below	  the	  detection	  limit	  of	  the	  instrument.	  	  
“N/A”	  indicates	  a	  measurement	  that	  was	  not	  collected	  at	  that	  site.	  


	   	   	  


	   Horse	  Pool	   Roosevelt	  


Measurement	  
Overall	  
Average	  


13-‐15:00	  
Average	  


Standard	  
Deviation	   Max.	   Min.	  


Overall	  
Average	  


13-‐15:00	  
Average	  


Standard	  
Deviation	   Max.	   Min.	  


Ozone	  (ppb)	   38.1	   46.5	   10.1	   62.4	   8.9	   35.5	   44.4	   10.3	   55.0	   6.6	  


NO	  (ppb)	   N.D.	   N.D.	   1.3	   10.7	   N.D.	   N.D.	   N.D.	   0.8	   6.2	   N.D.	  


NO2	  (ppb)	   2.8	   1.6	   2.7	   19.6	   N.D.	   5.2	   2.7	   2.6	   14.4	   1.4	  


NOx	  (ppb)	   2.4	   1.8	   3.3	   22.9	   N.D.	   5.4	   2.8	   3.8	   35.5	   1.5	  


NOy	  (ppb)	   4.1	   3.2	   4.4	   27.3	   N.D.	   6.5	   4.3	   3.9	   34.7	   2.6	  


CO	  (ppm)	   N.D.	   N.D.	   0.1	   0.2	   N.D.	   N.D.	   N.D.	   0.2	   0.5	   N.D.	  


CO2	  (ppm)	   399	   399	   4	   410	   392	   N/A	   N/A	   N/A	   N/A	   N/A	  


SO2	  (ppb)	   N.D.	   N.D.	   0.3	   1.5	   N.D.	   N/A	   N/A	   N/A	   N/A	   N/A	  


H2S	  (ppb)	   N.D.	   N.D.	   0.3	   1.1	   N.D.	   N/A	   N/A	   N/A	   N/A	   N/A	  


PM2.5	  (µg/m3)	   4	   4	   4	   38	   N.D.	   5	   6	   3	   30	   N.D.	  


Temp	  (°C)	   2.6	   6.6	   5.6	   19.9	   -‐8.6	   -‐1.0	   3.9	   4.4	   13.9	   -‐10.7	  


RH	  (%)	   49	   36	   21	   98	   12	   58	   46	   16	   91	   17	  


Wind	  (m/s)	   2.9	   3.9	   2.3	   14.1	   0.5	   2.3	   3.2	   2.2	   15.8	   0.0	  


	  


Figure	  1-‐5	  shows	  average	  NOx	  concentrations	  as	  a	  function	  of	  wind	  direction	  for	  Horse	  Pool,	  Red	  Wash,	  
Ouray,	  and	  Rabbit	  Mountain.	  	  At	  Horse	  Pool	  and	  Red	  Wash,	  NOx	  tended	  to	  be	  higher	  when	  wind	  came	  
from	  the	  southeast.	  	  NOx	  at	  Ouray	  tended	  to	  be	  highest	  when	  wind	  was	  from	  the	  east	  and	  southeast,	  
while	  NOx	  at	  Rabbit	  Mountain	  were	  highest	  when	  wind	  was	  from	  the	  northwest.	  	  In	  general,	  higher	  NOx	  
tended	  to	  come	  from	  areas	  of	  known	  stationary	  and	  mobile	  NOx	  sources	  (i.e.,	  oil,	  gas,	  and	  power	  
production	  areas).	  


A	  separate	  study	  that	  included	  10	  weeks	  of	  passive	  and	  active	  NOx	  measurements	  around	  the	  southeast	  
Uintah	  Basin	  was	  conducted	  from	  March	  through	  June	  2012	  to	  provide	  more	  information	  about	  the	  
spatial	  distribution	  of	  NOx	  in	  this	  area.	  	  Also,	  an	  analysis	  that	  utilizes	  high	  spatial	  resolution	  air	  
trajectories	  to	  determine	  the	  influence	  of	  individual	  sources	  and	  source	  areas	  on	  ambient	  NOx	  in	  the	  
Basin	  is	  underway.	  	  Results	  of	  these	  studies	  are	  not	  included	  in	  this	  document.	  
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Figure	  1-‐5.	  	  Potential	  NOx	  sources	  in	  the	  southeast	  Uintah	  Basin,	  along	  with	  wind	  rose	  plots	  of	  NOx	  
concentrations	  at	  Horse	  Pool,	  Red	  Wash,	  Ouray,	  and	  Rabbit	  Mountain.	  	  The	  dark	  blue	  shape	  indicates	  
the	  mean	  NOx	  concentration	  when	  wind	  direction	  was	  from	  different	  sectors.	  	  The	  light	  blue	  lines	  
represent	  95%	  confidence	  intervals	  around	  the	  mean.	  	  Arrows	  point	  to	  the	  location	  of	  each	  site.	  	  	  
	  


Since	  NOy	  is	  the	  sum	  of	  NOx	  and	  other	  reactive	  nitrogen	  compounds,	  subtraction	  of	  NOx	  from	  NOy	  
(termed	  NOz)	  gives	  the	  concentration	  of	  reactive	  nitrogen	  compounds	  in	  the	  atmosphere.	  	  These	  
compounds	  are	  typically	  formed	  from	  chemical	  processing	  of	  NOx.	  	  NOz	  at	  Horse	  Pool	  was	  highest	  at	  
night,	  consistent	  with	  measurements	  of	  individual	  reactive	  nitrogen	  compounds	  collected	  by	  NOAA	  at	  
the	  site.	  	  The	  measurements	  indicate	  a	  relatively	  strong	  role	  for	  nighttime	  nitrogen	  chemistry	  at	  the	  site.	  
A	  secondary	  peak	  in	  NOz	  at	  Horse	  Pool	  at	  midday	  was	  likely	  due	  to	  photochemical	  processing	  of	  nitrogen	  
species	  at	  the	  site	  (Roussel	  et	  al.,	  1996).	  	  	  


The	  different	  pattern	  emerged	  at	  Roosevelt	  where	  NOz	  was	  lowest	  at	  night	  and	  highest	  in	  early	  
afternoon.	  	  These	  data	  show	  that	  atmospheric	  chemistry	  is	  not	  uniform	  across	  the	  Uintah	  Basin,	  and	  
nighttime	  nitrogen	  species	  (some	  of	  which	  can	  be	  daytime	  radical	  sources)	  may	  be	  less	  prevalent	  in	  
populated	  areas	  than	  in	  oil	  and	  gas	  producing	  areas.	  


Since	  the	  difference	  between	  NOy	  and	  NOx	  is	  a	  measure	  of	  the	  compounds	  produced	  by	  chemical	  
processing	  of	  NOx,	  the	  ratio	  NOx/NOy	  can	  be	  used	  as	  an	  indicator	  of	  the	  amount	  of	  chemical	  processing	  
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that	  has	  occurred	  at	  a	  given	  site.	  	  Higher	  NOx/NOy	  values	  indicate	  proximity	  to	  NOx	  sources	  and/or	  less	  
chemical	  processing.	  	  NOx/NOy	  was	  0.74	  ±	  0.28	  at	  Horse	  Pool	  and	  0.78	  ±	  0.11	  at	  Roosevelt,	  indicating	  
very	  little	  active	  chemistry	  at	  either	  site	  (Aneja	  et	  al.,	  1996)	  


	  
Figure	  1-‐6.	  	  Diurnal	  NOz	  (NOy	  minus	  NOx)	  at	  Horse	  Pool	  and	  Roosevelt.	  	  Circles	  represent	  means,	  and	  
whiskers	  represent	  95%	  confidence	  intervals.	  
	  


Carbon	  Monoxide	  and	  Sulfur	  Dioxide	  
Average	  CO	  and	  SO2	  concentrations	  at	  Horse	  Pool	  and	  Roosevelt	  were	  less	  than	  detection	  limits	  and	  few	  
spikes	  above	  this	  threshold	  were	  observed.	  	  	  


Methane	  and	  Total	  NMHC	  
Methane	  concentrations	  at	  sites	  remote	  from	  sources	  are	  typically	  in	  the	  range	  of	  1.7-‐1.8	  ppm	  
(Finlayson-‐Pitts	  and	  Pitts,	  2000).	  	  Figure	  1-‐7	  shows	  a	  time	  series	  for	  all	  methane	  samples	  for	  the	  2012	  
winter	  test	  period	  at	  locations	  throughout	  the	  Uintah	  Basin.	  	  The	  gas	  chromatograph	  that	  produced	  
these	  data,	  on	  occasion,	  poorly	  integrated	  methane	  peaks,	  leading	  to	  low	  or	  zero	  methane	  values.	  	  Zero	  
values	  have	  been	  eliminated	  from	  the	  dataset,	  but	  values	  below	  the	  global	  background	  methane	  
concentration	  are	  visible	  in	  the	  dataset,	  and	  these	  values	  may	  be	  artificially	  low.	  	  	  


Horse	  Pool	  experienced	  frequent	  values	  well	  above	  the	  tropospheric	  average	  (Figure	  1-‐7).	  	  Figure	  1-‐8	  
shows	  that	  maximum	  concentrations	  typically	  occurred	  during	  early	  morning	  (pre-‐sunrise)	  hours	  when	  
atmospheric	  mixing	  was	  lowest,	  while	  minimum	  concentrations	  usually	  occurred	  in	  late	  afternoon	  when	  
atmospheric	  mixing	  was	  greatest.	  	  In	  contrast	  to	  NOx	  diurnal	  profiles,	  these	  data	  indicate	  that	  sources	  of	  
methane	  and	  NMHC	  are	  likely	  more	  constant	  and	  stationary.	  	  	  
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Figure	  1-‐7.	  	  Ambient	  methane	  time	  series	  for	  automated	  analyzer	  at	  Horse	  Pool,	  along	  with	  grab	  
samples	  from	  other	  sites,	  Jan.-‐Mar.	  2012.	  	  Methane	  concentrations	  at	  sites	  remote	  from	  sources	  tend	  to	  
be	  1.7-‐1.8	  ppm	  (Finlayson-‐Pitts	  and	  Pitts,	  2000).	  
	  


	  
Figure	  1-‐8.	  	  Diurnal	  methane	  and	  NMHC	  concentrations	  at	  Horse	  Pool.	  	  Circles	  represent	  hourly	  means,	  
and	  whiskers	  represent	  95%	  confidence	  intervals.	  
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Figure	  1-‐9	  shows	  that	  the	  Horse	  Pool	  location	  experienced	  more	  variable	  ambient	  methane	  
concentrations	  than	  other	  sites.	  	  This	  difference	  could	  be	  at	  least	  partly	  due	  to	  the	  fact	  that	  this	  site	  had	  
a	  much	  larger	  dataset	  than	  the	  others.	  	  Ouray,	  despite	  a	  limited	  number	  of	  sample	  collections	  (n=10),	  
was	  found	  to	  have	  the	  highest	  average	  methane	  concentration	  (3.92	  ppm).	  	  The	  Basin-‐wide	  average	  
methane	  concentration	  for	  the	  data	  shown	  in	  Figure	  1-‐9	  was	  2.7	  ±	  0.3	  ppm,	  1.5	  times	  the	  tropospheric	  
background	  value.	  	  	  


	  
Figure	  1-‐9.	  	  Box-‐whisker	  plot	  of	  methane	  concentrations	  at	  several	  sites,	  12-‐24	  Feb.	  2012.	  	  Centerlines	  
represent	  means,	  white	  diamonds	  represent	  medians,	  top	  and	  bottom	  edges	  of	  grey	  boxes	  represent	  
25th	  and	  75th	  percentiles,	  and	  whiskers	  represent	  the	  maximum	  and	  minimum	  concentrations.	  
	  


Methane	  concentrations	  measured	  in	  this	  study	  compare	  favorably	  with	  values	  observed	  in	  February	  
2011	  (Martin	  et	  al.,	  2011)	  when	  Vernal	  methane	  averaged	  1.7	  ±	  0.2	  ppm	  and	  Red	  Wash	  averaged	  2.8	  ±	  
0.6	  ppm.	  	  Other	  investigators	  measured	  methane	  in	  the	  Basin	  during	  winter	  2011-‐12	  and	  reported	  
similar,	  and	  at	  times	  higher,	  methane	  concentrations	  at	  Horse	  Pool	  and	  other	  sites	  within	  oil	  and	  gas	  
production	  areas.	  


NMHC	  concentrations	  were	  lower	  (243	  ±	  4.1	  ppb	  as	  C3)	  than	  the	  methane	  concentrations	  over	  the	  study	  
period.	  	  The	  diurnal	  behavior	  of	  the	  NMHC	  was	  similar	  to	  methane,	  with	  maximums	  occurring	  during	  the	  
early	  morning	  hours	  (Figure	  1-‐8).	  


Figure	  1-‐10	  shows	  a	  plot	  of	  methane	  vs.	  nonmethane	  hydrocarbons.	  	  Two	  non-‐methane/methane	  
signatures	  are	  apparent:	  one	  with	  a	  non-‐methane/methane	  slope	  of	  approximately	  0.185	  and	  another	  
with	  a	  slope	  of	  about	  0.08.	  	  The	  higher	  slope	  was	  dominant	  when	  wind	  blew	  from	  the	  northwest,	  though	  
air	  that	  came	  from	  other	  directions	  also	  showed	  some	  evidence	  of	  this	  signature.	  
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Figure	  1-‐10.	  	  NMHC	  vs.	  methane	  at	  Horse	  Pool.	  	  Points	  are	  colored	  by	  wind	  direction	  at	  time	  of	  data	  
collection.	  	  Cooler	  colors	  indicate	  wind	  from	  the	  northwest,	  and	  warmer	  colors	  indicate	  wind	  from	  the	  
opposite	  direction.	  
	  


Further	  investigation	  of	  these	  two	  different	  regimes,	  which	  likely	  indicate	  different	  source	  types,	  was	  
pursued	  on	  21	  February	  2012	  by	  manual	  collection	  of	  Tedlar	  bag	  grab	  samples	  at	  different	  locations	  
surrounding	  the	  Horse	  Pool	  site.	  	  Samples	  were	  taken	  by	  facing	  upwind	  and	  repeatedly	  filling	  and	  
evacuating	  a	  100	  mL	  gas-‐tight	  syringe	  into	  a	  clean	  Tedlar	  bag	  until	  at	  least	  1.5	  L	  had	  been	  obtained.	  	  The	  
bags	  were	  then	  analyzed	  in	  triplicate	  on	  the	  methane-‐nonmethane	  hydrocarbon	  analyzer	  at	  Horse	  Pool.	  


The	  non-‐methane:methane	  concentration	  ratio	  in	  Tedlar	  bag	  samples	  showed	  spatial	  variability	  in	  the	  
area	  around	  Horse	  Pool	  (Figure	  1-‐11;	  the	  concentration	  ratio	  is	  related	  to,	  but	  distinct	  from,	  the	  slope	  of	  
the	  linear	  regression	  relationships	  discussed	  above).	  	  Samples	  near	  Ouray	  and	  Pelican	  Lake	  had	  similar	  
methane	  concentrations	  to	  other	  samples,	  but	  had	  almost	  75%	  higher	  NMHC	  concentrations	  (data	  not	  
shown),	  resulting	  in	  higher	  non-‐methane:methane	  ratios.	  	  While	  the	  spatial	  distribution	  of	  non-‐
methane:methane	  ratios	  does	  not	  exactly	  correspond	  with	  the	  wind	  sector	  with	  highest	  slope	  in	  Figure	  
1-‐10,	  it	  does	  indicate	  that	  different	  areas	  of	  the	  Basin	  have	  different	  source	  signatures.	  	  NOAA	  
investigators	  identified	  higher	  order	  (>C6)	  hydrocarbons	  as	  a	  potential	  source	  of	  the	  increased	  NMHC	  in	  
air	  at	  Horse	  Pool	  that	  came	  from	  the	  northwest	  (J.	  Gilman,	  personal	  communication).	  	  The	  source	  of	  the	  
additional	  hydrocarbons	  is	  unclear.	  	  Figure	  1-‐11	  shows	  little	  oil	  and	  gas	  activity	  in	  the	  area	  with	  higher	  
non-‐methane:methane	  ratios;	  however,	  the	  ratio	  of	  oil	  wells	  to	  gas	  wells	  is	  higher	  in	  this	  area	  and	  
throughout	  the	  area	  northwest	  of	  Horse	  Pool,	  which	  may	  lead	  to	  fewer	  methane	  emissions	  relative	  to	  
emissions	  of	  heavier	  hydrocarbons.	  	  


	  







	   	  


CRD/13-‐320.32	   2012	  Uintah	  Basin	  Winter	  Ozone	  &	  Air	  Quality	  Study	   60	  	  


	  
Figure	  1-‐11.	  	  Non-‐methane:methane	  ratios	  in	  air	  samples	  near	  Horse	  Pool,	  21	  Feb.	  2012.	  
	  


Speciated	  NMHC	  at	  Roosevelt	  
Hydrocarbons	  in	  canister	  samples	  at	  Roosevelt	  were	  dominated	  by	  alkanes,	  especially	  lighter	  alkanes	  
and	  methylcyclohexane	  (Figure	  1-‐12).	  	  Benzene,	  toluene,	  and	  xylenes	  were	  low,	  and	  C8	  and	  larger	  
aromatics	  were	  rarely	  observed.	  	  A	  number	  of	  branched	  and	  cyclic	  alkanes	  were	  frequently	  observed.	  	  
No	  alkenes	  were	  observed.	  	  Lighter	  straight-‐chain	  alkanes	  were	  more	  abundant	  than	  heavier	  straight-‐
chain	  alkanes	  (Figure	  1-‐13).	  	  Alkane	  concentrations	  were	  more	  abundant	  during	  the	  night	  and	  morning	  
than	  during	  midday	  and	  early	  evening	  (Figure	  1-‐13),	  and	  other	  hydrocarbons	  followed	  this	  same	  trend	  
(data	  not	  shown).	  	  This	  diurnal	  trend	  is	  similar	  to	  the	  observed	  trend	  for	  methane	  and	  NMHC	  at	  Horse	  
Pool	  (Figure	  1-‐8).	  
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Figure	  1-‐12.	  	  C3-‐C12	  VOC	  compounds	  at	  Roosevelt,	  14-‐24	  Feb.	  2012.	  	  Centerlines	  in	  grey	  boxes	  
represent	  means,	  white	  diamonds	  represents	  medians,	  edges	  of	  grey	  boxes	  represent	  25th	  and	  75th	  
percentiles,	  whiskers	  represent	  maximum	  and	  minimum	  concentrations,	  and	  circles	  or	  asterisks	  
represent	  statistical	  outliers.	  	  	  
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Figure	  1-‐13.	  	  Average	  concentration	  of	  straight-‐chain	  alkanes	  at	  Roosevelt,	  14-‐24	  Feb.	  2012,	  at	  different	  
collection	  times.	  
	  


Hydrocarbons	  at	  Roosevelt	  were	  48%	  lower	  than	  at	  Horse	  Pool	  for	  the	  14-‐24	  February	  time	  period	  
(Horse	  Pool	  data	  collected	  by	  NOAA;	  15	  compounds	  compared).	  	  Straight-‐chain	  alkanes	  were	  45%	  lower,	  
branched	  and	  cyclic	  alkanes	  were	  68%	  lower,	  and	  aromatics	  were	  38%	  lower.	  	  Of	  aromatics,	  m-‐	  and	  p-‐
xylenes	  were	  20%	  higher	  at	  Roosevelt	  than	  Horse	  Pool,	  while	  o-‐xylene,	  benzene,	  and	  toluene	  were	  57%,	  
71%,	  and	  43%	  lower,	  respectively.	  


Relative	  hydrocarbon	  concentrations	  were	  different	  at	  Roosevelt	  than	  at	  Horse	  Pool.	  	  Figure	  1-‐14	  shows	  
linear	  regression	  relationships	  between	  select	  compound	  pairs	  at	  both	  sites.	  	  Slopes	  of	  regression	  lines	  
are	  different	  for	  the	  two	  sites.	  	  A	  regression	  slope	  of	  the	  relationship	  between	  two	  compounds	  indicates	  
that	  a	  unit	  increase	  in	  one	  compound	  is	  associated	  with	  a	  corresponding	  increase	  in	  the	  other	  
compound.	  	  Assuming	  both	  compounds	  are	  emitted	  from	  the	  same	  source	  or	  source	  region,	  these	  
regression	  relationships	  (also	  called	  enhancement	  ratios)	  can	  be	  used	  to	  characterize	  and	  identify	  
sources	  based	  on	  known	  emissions	  characteristics	  (Weiss-‐Penzias	  et	  al.,	  2007).	  	  The	  distinct	  regression	  
slopes	  at	  Roosevelt	  and	  Horse	  Pool	  indicate	  the	  existence	  of	  a	  different	  mix	  of	  sources	  at	  each	  site.	  


The	  benzene-‐toluene	  slope	  at	  Roosevelt	  was	  similar	  to	  published	  slopes	  for	  urban	  areas	  (e.g.,	  0.30	  
determined	  by	  Palmgren	  et	  al.,	  1999).	  	  The	  Benzene-‐o-‐xylene	  slope	  at	  Roosevelt	  closely	  matched	  
published	  emission	  ratios	  from	  gasoline-‐powered	  motor	  vehicles	  (e.g.,	  2.99	  mol	  mol-‐1	  in	  Schauer	  et	  al.,	  
2002).	  	  Butane-‐toluene	  slopes,	  however,	  were	  49	  and	  99	  times	  higher	  at	  Roosevelt	  and	  Horse	  Pool,	  
respectively,	  than	  from	  gasoline	  engine	  emissions.	  	  These	  data	  indicate	  that	  gasoline	  engine	  exhaust	  was	  
not	  the	  primary	  source	  of	  butane	  (or	  other	  alkanes)	  at	  these	  sites,	  and	  that	  alkane	  sources	  (including	  oil	  
and	  gas	  extraction-‐related	  sources)	  were	  stronger	  at	  Horse	  Pool.	  	  	  
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Figure	  1-‐14.	  	  Relationships	  between	  hydrocarbon	  pairs	  at	  Horse	  Pool	  (red)	  and	  Roosevelt	  (black)	  for	  the	  
same	  times	  of	  day,	  14-‐24	  Feb.	  2012.	  
	  


Carbonyl	  Compounds	  
Carbonyl	  compounds	  are	  reactive,	  and	  it	  is	  very	  likely	  that	  carbonyl	  concentrations	  measured	  from	  
canister	  samples	  at	  Roosevelt	  were	  biased	  because	  of	  reactions	  that	  occurred	  in	  canisters	  after	  
collection	  (Kelley	  and	  Holdren,	  1995;	  Pate	  et	  al.,	  1992).	  	  Thus,	  carbonyl	  results	  from	  Roosevelt	  will	  not	  be	  
considered	  here.	  


At	  Horse	  Pool,	  formaldehyde,	  acetaldehyde,	  and	  acetone	  were	  consistently	  detected,	  while	  larger	  
carbonyl	  compounds	  were	  only	  occasionally	  detected.	  	  Formaldehyde	  (1.73	  ±	  0.13	  ppb;	  mean	  ±	  95%	  
confidence	  interval)	  was	  the	  dominant	  carbonyl	  species,	  followed	  by	  acetone	  (0.67±0.10	  ppb)	  and	  
acetaldehyde	  (0.63	  ±	  0.17	  ppb)	  (Figure	  1-‐15).	  	  Among	  the	  targeted	  carbonyl	  species,	  only	  acrolein	  was	  
never	  observed	  at	  Horse	  Pool.	  	  


Formaldehyde	  is	  both	  directly	  emitted	  (e.g.,	  motor	  vehicles,	  building	  materials)	  and	  photochemically	  
formed	  in	  the	  oxidation	  of	  various	  hydrocarbons,	  including	  methanol	  (methanol	  was	  observed	  in	  air	  at	  
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Horse	  Pool	  by	  NOAA	  investigators).	  	  Finlayson-‐Pitts	  and	  Pitts	  (2000)	  summarize	  typical	  urban,	  
rural/suburban,	  and	  remote	  concentrations	  of	  formaldehyde	  as	  1-‐60	  ppb,	  0.1-‐10	  ppb,	  and	  0.3-‐2.0	  ppb,	  
respectively.	  	  Horse	  Pool	  formaldehyde	  concentrations	  are	  more	  consistent	  with	  rural	  or	  remote	  areas.	  


	  
Figure	  1-‐15.	  	  Carbonyl	  compounds	  at	  Horse	  Pool,	  12-‐24	  Feb.	  2012.	  	  Centerlines	  in	  grey	  boxes	  represent	  
means,	  white	  diamonds	  represent	  medians,	  edges	  of	  grey	  boxes	  represent	  25th	  and	  75th	  percentiles,	  and	  
whiskers	  represent	  maximum	  and	  minimum	  concentrations.	  
	  


Carbonyl	  compounds	  at	  Horse	  Pool	  peaked	  during	  midday	  and	  were	  lowest	  in	  the	  morning	  (Figure	  1-‐16),	  
though	  only	  formaldehyde	  showed	  a	  statistically	  significant	  morning-‐midday	  difference	  at	  the	  95%	  
confidence	  level.	  	  This	  profile	  indicates	  photochemical	  formation	  for	  some	  carbonyl	  species,	  in	  contrast	  
with	  the	  diurnal	  profile	  of	  methane	  and	  NMHC	  at	  Horse	  Pool	  (Figure	  1-‐8).	  


	  
Figure	  1-‐16.	  	  Diurnally	  averaged	  formaldehyde,	  acetaldehyde,	  and	  acetone	  as	  measured	  at	  Horse	  Pool	  
(14-‐24	  Feb.	  2012).	  	  Circles	  indicate	  means,	  and	  whiskers	  represent	  95%	  confidence	  intervals.	  
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Particulate	  Matter	  
Figure	  1-‐17	  compares	  winter	  2011-‐12	  particulate	  data	  collected	  at	  Roosevelt	  and	  Horse	  Pool	  with	  2010-‐
11	  data	  collected	  at	  Vernal	  and	  Red	  Wash.	  	  Measurements	  during	  2011	  were	  performed	  during	  an	  
inversion	  event	  with	  snow-‐covered	  ground,	  while	  the	  2012	  measurements	  were	  performed	  without	  
persistent	  inversion	  events	  or	  snow	  cover.	  	  The	  observed	  2011	  and	  2012	  concentrations	  did	  not	  exceed	  
the	  24-‐hr	  National	  Ambient	  Air	  Quality	  Standards	  (NAAQS)	  for	  PM2.5	  (35	  µg/m3)	  or	  PM10	  (150	  µg/m3).	  


	  
Figure	  1-‐17.	  	  Average	  PM2.5	  concentrations	  for	  Feb.	  2011	  (Vernal	  and	  Red	  Wash)	  and	  2012	  (Roosevelt	  
and	  Horse	  Pool).	  	  Whiskers	  represent	  standard	  deviations.	  	  The	  red	  dashed	  line	  represents	  the	  EPA	  
NAAQS	  standard	  for	  PM2.5	  (24	  hour	  average).	  	  
	  


PM10	  data	  at	  Horse	  Pool	  were	  characterized	  by	  frequent	  spikes,	  with	  some	  one-‐hour	  values	  greater	  than	  
150	  µg/m3	  (Figure	  1-‐18).	  	  Examination	  of	  the	  timing	  of	  these	  spikes	  shows	  the	  major	  peaks	  are	  
associated	  with	  wind	  events	  and	  possibly	  vehicle	  traffic.	  	  This	  behavior	  is	  not	  unexpected	  as	  the	  lack	  of	  
precipitation	  during	  the	  winter	  left	  much	  of	  the	  surrounding	  terrain	  and	  roads	  quite	  dry.	  	  PM2.5	  was	  only	  
a	  small	  fraction	  of	  the	  airborne	  PM10	  at	  the	  Horse	  Pool	  site,	  averaging	  23.9	  ±	  4.3%.	  	  Furthermore,	  PM2.5	  
was	  characterized	  by	  fewer	  spikes	  and	  rarely	  exceeded	  20	  µg/m3.	  
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Figure	  1-‐18.	  	  Hourly	  PM2.5	  and	  PM10	  concentrations	  at	  Horse	  Pool,	  winter	  2012.	  


	  


Figure	  1-‐19	  shows	  24-‐hour	  average	  PM2.5	  from	  Roosevelt,	  Horse	  Pool,	  and	  Vernal	  for	  January	  and	  
February	  2012.	  	  The	  more	  populated	  areas	  show	  slightly	  higher	  PM2.5	  concentrations,	  although	  the	  
general	  trends	  are	  consistent	  between	  sites.	  


	  
Figure	  1-‐19.	  	  24-‐hour	  PM2.5	  concentrations	  for	  Roosevelt,	  Vernal,	  and	  Horse	  Pool.	  


	  


PM2.5	  mass	  at	  Roosevelt	  was	  dominated	  by	  organic	  and	  elemental	  carbon	  (Figure	  1-‐20).	  	  The	  organic	  
mass	  fraction	  accounted	  for	  an	  average	  of	  69.8%,	  while	  the	  elemental	  carbon	  fraction	  averaged	  3.3%.	  	  
The	  remaining	  PM2.5	  mass	  fractions	  consisted	  of	  10.2%	  soil	  (crustal)	  elements,	  12.3%	  anions,	  and	  8.0%	  
cations.	  	  The	  10.2%	  soil	  mass	  portion	  averaged	  52%	  silicon-‐based	  materials,	  18%	  aluminum	  based	  
materials,	  17%	  calcium-‐based	  materials,	  and	  10%	  iron-‐based	  materials.	  	  The	  12.3%	  anion	  mass	  fraction	  
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consisted	  primarily	  of	  sulfate	  (64%),	  nitrate	  (33%),	  and	  chloride	  (3%).	  	  The	  bulk	  (97%)	  of	  the	  cationic	  
mass	  fraction	  was	  made	  up	  of	  the	  ammonium	  ion.	  


	  
Figure	  1-‐20.	  	  Average	  chemical	  composition	  of	  filter-‐collected	  PM2.5	  at	  Roosevelt,	  13-‐25	  Feb.	  2012.	  


	  


PM2.5	  compositional	  analysis	  from	  February	  2011	  was	  very	  similar	  to	  this	  study	  (Martin	  et	  al.,	  2011).	  	  
Vernal	  PM2.5	  chemical	  speciation	  on	  21-‐25	  February	  2011	  was	  64.1%	  organic	  mass,	  13.4%,	  elemental	  
carbon	  0.4%	  crustal	  elements,	  8.6%	  anions,	  and	  9.5%	  cations.	  	  PM2.5	  at	  Red	  Wash	  during	  the	  same	  
period	  was	  69.6%	  organic	  mass,	  12.8%	  elemental	  carbon,	  3.5%	  crustal	  elements,	  6.5%	  anions,	  and	  7.7%	  
cations.	  


These	  data	  contrast	  with	  observations	  made	  in	  other	  areas	  of	  Utah	  wherein	  photochemically-‐formed	  
PM2.5	  is	  a	  wintertime	  non-‐attainment	  issue	  (especially	  in	  the	  Wasatch	  Front	  and	  Cache	  Valley)	  and	  ionic	  
components,	  most	  notably	  ammonium	  (NH4


+)	  and	  nitrate	  (NO3
-‐),	  often	  account	  for	  mass	  percentages	  


similar	  to	  that	  of	  the	  carbon	  component	  in	  the	  Uintah	  Basin	  (R.	  Martin,	  unpublished	  data).	  	  At	  sites	  in	  
the	  Interagency	  Monitoring	  of	  Protected	  Visual	  Environments	  (IMPROVE)	  network,	  organic	  fine	  mass	  
comprises	  20-‐30%	  of	  total	  fine	  particle	  mass	  in	  the	  central	  Rocky	  Mountain	  region	  (Malm	  et	  al.,	  2004).	  	  
The	  percent	  of	  organic	  carbon	  mass	  in	  Uintah	  Basin	  PM2.5	  samples,	  high	  relative	  to	  other	  locations	  in	  the	  
region,	  indicates	  that	  local	  sources	  contribute	  to	  primary	  and/or	  secondary	  organic	  aerosol.	  	  Oil	  and	  gas	  
extraction	  activity,	  shown	  in	  Chapter	  2	  to	  have	  a	  strong	  spatial	  relationship	  with	  elevated	  ambient	  
hydrocarbon	  mixing	  ratios,	  is	  one	  likely	  source	  of	  this	  organic	  material.	  


Although	  USU	  chemical	  analysis	  at	  the	  Roosevelt	  site	  was	  very	  consistent	  with	  the	  2011	  compositional	  
analysis,	  PM2.5	  measurements	  made	  by	  NOAA	  at	  Horse	  Pool	  showed	  a	  different	  composition,	  with	  
crustal	  material	  comprising	  42%	  and	  organic	  matter	  31%	  of	  particle	  mass.	  	  The	  NOAA	  data	  also	  contrasts	  
with	  University	  of	  Wyoming	  aerosol	  mass	  spectrometer	  measurements	  at	  the	  same	  site	  that	  observed	  
organic	  material	  at	  55%	  of	  sub-‐micron	  particle	  mass.	  	  The	  reason	  for	  this	  discrepancy	  is	  not	  known	  with	  
certainty,	  but	  the	  NOAA	  PM2.5	  measurements	  at	  Horse	  Pool	  were	  about	  10	  meters	  from	  a	  dirt	  road,	  and	  
it	  is	  likely	  that	  road	  dust	  contributed	  to	  their	  measurements,	  whereas	  the	  University	  of	  Wyoming	  
measurements	  likely	  excluded	  road	  dust	  because	  of	  the	  targeted	  smaller	  particle	  size.	  	  Measurements	  
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by	  USU	  in	  2011	  and	  2012	  were	  either	  not	  near	  well-‐traveled	  dirt	  roads	  or	  were	  performed	  in	  the	  
presence	  of	  snow	  cover	  that	  limited	  the	  influence	  of	  dust.	  


Solar	  Radiation	  
Winter	  ozone	  formation	  is	  highly	  dependent	  on	  reflectance	  of	  sunlight	  by	  snow	  (Schnell	  et	  al.,	  2009).	  	  
Due	  to	  snow	  surface	  reflectance	  (i.e.,	  albedo),	  the	  amount	  of	  solar	  radiation	  available	  for	  ozone	  
production	  can	  actually	  be	  greater	  in	  winter	  than	  in	  summer.	  	  Accurate	  measurements	  of	  solar	  radiation	  
and	  surface	  reflectance	  are	  critical	  to	  understanding	  and	  modeling	  ozone	  formation	  in	  the	  Uintah	  Basin.	  


Snow	  cover	  was	  not	  present	  for	  an	  extended	  time	  in	  the	  Uintah	  Basin	  during	  the	  winter	  of	  2012,	  but	  
short	  periods	  of	  snowfall	  and	  snow	  cover	  did	  occur.	  	  One	  such	  period	  occurred	  19-‐23	  February.	  	  This	  
snowfall	  period	  was	  not	  accompanied	  by	  inversion	  conditions	  or	  ozone	  concentrations	  above	  EPA	  
standards,	  but	  it	  did	  show	  that	  snow	  cover	  dramatically	  increases	  reflectance	  of	  shortwave	  (300-‐2800	  
nm)	  and	  ultraviolet	  radiation.	  	  Figure	  1-‐21	  shows	  temperature	  and	  percent	  albedo	  of	  shortwave	  and	  
ultraviolet	  radiation	  before,	  during,	  and	  after	  the	  short-‐lived	  snow	  event.	  	  On	  19	  February	  as	  snow	  
accumulated	  during	  a	  storm,	  a	  rapid	  increase	  in	  albedo	  was	  observed.	  	  The	  next	  day,	  albedo	  rapidly	  
decreased	  as	  temperature	  warmed	  and	  snow	  melted.	  	  Measurements	  like	  these	  improve	  estimates	  of	  
chemical	  reaction	  rates	  that	  lead	  to	  ozone	  production	  and	  strengthen	  simulations	  of	  ozone	  production	  
in	  numerical	  models.	  


	  
Figure	  1-‐21.	  	  Temperature	  and	  percent	  albedo	  (i.e.,	  surface	  reflectance)	  of	  shortwave	  (300-‐2800	  nm)	  
and	  ultraviolet	  radiation	  at	  Horse	  Pool,	  18-‐23	  Feb.	  2012.	  
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SUMMARY	  
The	  Horse	  Pool	  and	  Roosevelt	  study	  sites	  provide	  a	  sound,	  long-‐term	  infrastructure	  for	  understanding	  
the	  meteorological	  and	  chemical	  processes	  involved	  in	  winter	  ozone	  production.	  	  Sustained	  site	  
operation	  will	  provide	  data	  fundamental	  to	  the	  scientific	  understanding	  of	  winter	  ozone	  formation	  in	  
the	  Basin	  and	  essential	  to	  the	  development	  and	  verification	  of	  ongoing	  mitigation	  strategies.	  	  


This	  study	  showed	  that	  ozone	  precursor	  concentrations	  around	  the	  Basin	  are	  associated	  primarily	  with	  
known	  emission	  sources	  that	  exist	  in	  the	  Basin	  (further	  corroborated	  in	  Chapter	  2).	  	  The	  study	  revealed	  a	  
strong	  link	  between	  ambient	  NOx	  and	  traffic	  and	  showed	  spatially	  diverse	  sources	  of	  methane	  and	  VOC.	  	  
In	  fact,	  concentrations,	  diurnal	  behaviors,	  and	  sources	  of	  methane,	  VOC,	  and	  reactive	  nitrogen	  
compounds	  are	  different	  at	  different	  locations	  around	  the	  Basin.	  	  This	  spatial	  heterogeneity	  not	  only	  
underscores	  the	  importance	  of	  a	  Basin-‐wide	  approach	  to	  monitoring	  but	  also	  mandates	  a	  regularly	  
updated,	  scientifically	  informed	  and	  validated	  mitigation	  strategy	  that	  addresses	  the	  unique	  
characteristics	  of	  the	  Basin.	  


While	  relatively	  rich	  in	  organic	  matter,	  likely	  due	  to	  the	  abundance	  of	  VOC	  sources	  in	  the	  Basin,	  
particulate	  matter	  concentrations	  were	  shown	  to	  be	  well	  within	  established	  EPA	  standards.	  
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CHAPTER	  II	  


DISTRIBUTED	  MONITORING	  OF	  OZONE,	  PRECURSORS,	  AND	  METEOROLOGY	  
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INTRODUCTION	  
The	  distribution	  of	  ozone	  precursor	  concentrations	  and	  meteorology	  in	  the	  Uintah	  Basin	  ostensibly	  
influences	  where	  and	  when	  elevated	  ozone	  occurs,	  but	  these	  parameters	  have	  not	  been	  measured	  with	  
adequate	  spatial	  coverage	  or	  analyzed	  in	  sufficient	  detail	  to	  elucidate	  the	  relationship.	  	  During	  the	  
winter	  months	  of	  2010-‐11,	  measurements	  at	  17	  sites	  around	  the	  Uintah	  Basin	  provided	  a	  detailed	  
account	  of	  the	  spatial	  distribution	  of	  ozone	  during	  several	  episodes	  of	  elevated	  ozone	  production.	  	  
Ozone	  precursor	  concentrations	  in	  2010-‐11,	  on	  the	  other	  hand,	  were	  monitored	  at	  just	  six	  sites,	  and	  
vertical	  measurements	  of	  ozone	  and	  meteorology	  were	  collected	  for	  only	  four	  days	  at	  one	  site.	  


The	  2011-‐12	  study	  reported	  here	  (1)	  adds	  to	  existing	  datasets	  of	  spatial	  and	  temporal	  trends	  in	  ozone	  in	  
the	  Basin	  and	  (2)	  shows	  spatial	  trends	  in	  oxides	  of	  nitrogen	  (NOx),	  volatile	  organic	  compounds	  (VOC),	  
and	  meteorological	  data	  in	  the	  Basin	  in	  2011-‐12.	  	  The	  growing	  dataset	  will	  be	  critical	  for	  validation	  of	  air	  
quality	  models	  developed	  for	  regulation	  and	  research,	  will	  improve	  understanding	  of	  the	  year-‐to-‐year	  
variability	  and	  spatial	  distribution	  of	  ozone	  and	  precursor	  concentrations,	  and	  will	  help	  determine	  how	  
changes	  in	  meteorology	  and	  emissions	  affect	  ozone	  concentrations.	  


For	  winter	  2011-‐12,	  ten	  additional	  monitoring	  stations	  were	  distributed	  to	  supplement	  the	  17	  sites	  
retained	  from	  the	  2010-‐11	  study.	  	  The	  additional	  sites	  covered	  areas	  on	  the	  periphery	  of	  the	  Basin,	  
particularly	  areas	  of	  extensive	  oil	  and	  gas	  development.	  	  Data	  from	  sites	  under	  different	  authority	  are	  
also	  included	  here.	  	  Most	  sites	  measured	  ozone	  from	  January	  1	  through	  March	  15,	  minimally.	  	  NOx	  and	  
VOC	  sample	  deployment	  and	  collection	  occurred	  during	  February.	  	  Measurements	  at	  several	  of	  the	  sites	  
have	  continued	  through	  summer	  2012,	  but	  those	  data	  are	  not	  included	  here.	  


	  


METHODS	  


Monitoring	  Sites	  
A	  total	  of	  32	  sites,	  including	  those	  established	  and	  maintained	  by	  other	  organizations,	  monitored	  ozone	  
in	  and	  adjacent	  to	  the	  Uintah	  Basin.	  	  Locations	  are	  shown	  in	  Figure	  2-‐1,	  and	  Table	  2-‐1	  provides	  
information	  about	  each	  site.	  	  Monitors	  were	  sited	  and	  installed	  in	  accordance	  with	  guidelines	  given	  in	  40	  
CFR	  58	  Appendix	  E,	  “Probe	  and	  Monitoring	  Path	  Siting	  for	  Ambient	  Air	  Quality	  Monitoring,”	  including	  
the	  stipulation	  to	  avoid	  proximity	  to	  potentially	  interfering	  air	  pollutant	  sources.	  	  Monitoring	  sites	  
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established	  as	  part	  of	  this	  study	  were	  installed	  and	  maintained	  in	  cooperation	  with	  the	  Utah	  
Department	  of	  Environmental	  Quality	  (UDEQ).	  


Passive	  samplers	  were	  also	  deployed	  at	  ten	  of	  the	  ozone	  monitoring	  sites	  to	  assess	  the	  spatial	  
concentrations	  of	  NOx	  and	  VOC.	  	  NOx	  were	  also	  measured	  with	  active	  samplers	  at	  six	  sites	  operated	  by	  
other	  organizations.	  	  Additional	  VOC	  measurements	  were	  made	  at	  Horse	  Pool	  and	  Roosevelt	  and	  are	  
reported	  in	  Chapters	  1	  and	  3.	  


	  
Figure	  2-‐1.	  	  2011-‐12	  monitoring	  sites.	  


	  


Table	  2-‐1.	  	  Uintah	  Basin	  ozone	  monitoring	  site	  locations.	  


Location	   Authority	   Longitude	   Latitude	   Elevation	  (m)	  


Altamont	   USU/UDEQ	   40.3603	   -‐110.2858	   1950	  
Cedarview	   USU/UDEQ	   40.3835	   -‐110.0726	   1692	  
Dinosaur,	  CO	   USU/UDEQ	   40.2436	   -‐108.9722	   1814	  
Dinosaur	  NM	   NPS/ARS	   40.4371	   -‐109.3047	   1463	  
Duchesne	   USU/UDEQ	   40.1615	   -‐110.4011	   1682	  
Fruitland	   UDEQ/AMC	   40.2087	   -‐110.8403	   2021	  
Gas	  Field	  West	   USU/UDEQ	   39.9813	   -‐109.3454	   1608	  
Gas	  Field	  East	   USU/UDEQ	   40.3007	   -‐109.9784	   1618	  
Gusher	   USU/UDEQ	   39.9352	   -‐109.5094	   1557	  
Horse	  Pool	   USU/UDEQ	   40.2935	   -‐109.6575	   1569	  
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Jensen	   USU/UDEQ	   40.1437	   -‐109.4672	   1451	  
Lapoint	   USU/UDEQ	   40.3671	   -‐109.3522	   1674	  
Little	  Mountain	   NFS-‐EDL	   40.4040	   -‐109.8157	   2624	  
Moondance	   USU/UDEQ	   40.5368	   -‐109.7001	   1978	  
Mountain	  Home	   USU/UDEQ	   40.0788	   -‐110.2831	   2234	  
Myton	   Ute	  Tribe	   40.4319	   -‐110.3821	   1550	  
Nine	  Mile	  Canyon	   BLM	   40.1948	   -‐110.0622	   1732	  
Ouray	   Golder	  Assoc.	   39.7919	   -‐110.2035	   1464	  
Pariette	  Draw	   USU/UDEQ	   40.0548	   -‐109.6880	   1467	  
Rabbit	  Mountain	   Enefit	   40.0346	   -‐109.8301	   1879	  
Rangely,	  CO	   NPS/BLM	   39.8687	   -‐109.0973	   1648	  
Red	  Wash	   Golder	  Assoc.	   40.0869	   -‐108.7616	   1689	  
Roosevelt	  (UDEQ)	   USU/UDEQ	   40.1972	   -‐109.3525	   1587	  
Roosevelt	  (USU)	   USU/UDEQ	   40.2942	   -‐110.0090	   1545	  
Starvation	   USU/UDEQ	   40.1706	   -‐110.4905	   1766	  
Tavaputs	  East	   USU/UDEQ	   39.8022	   -‐109.2658	   1880	  
Tavaputs	  West	   USU/UDEQ	   39.7539	   -‐109.5460	   1975	  
Vernal	  (UDEQ)	   UDEQ	   40.4531	   -‐109.5097	   1606	  
Vernal	  (USU)	   USU/UDEQ	   40.4433	   -‐109.5610	   1663	  
Wells	  Draw	   USU/UDEQ	   40.0670	   -‐110.1510	   1768	  
Whiterocks	   Ute	  Tribe	   40.4694	   -‐109.9304	   1841	  


	  


Ozone	  Measurements	  
2B	  Technology	  Model	  205	  ozone	  monitors	  were	  used	  at	  most	  sites	  operated	  by	  USU	  and	  UDEQ.	  	  The	  
sites	  at	  Wells	  Draw	  and	  Gusher	  used	  2B	  Model	  202	  ozone	  monitors	  on	  loan	  from	  the	  Bureau	  of	  Land	  
Management	  (BLM),	  and	  Ecotech	  Model	  9810	  and	  Teledyne-‐API	  Model	  400	  analyzers	  were	  used	  at	  the	  
Horse	  Pool	  and	  Roosevelt	  (UDEQ)	  sites,	  respectively.	  	  Solar-‐powered	  stations,	  supplied	  by	  UDEQ	  and	  
BLM,	  were	  deployed	  where	  electrical	  power	  was	  not	  available.	  	  


Quarter-‐inch	  diameter	  Teflon	  sample	  tubes	  (from	  three	  to	  ten	  meters	  in	  length)	  with	  Teflon	  funnel	  inlets	  
and	  five-‐micron	  particulate	  filters	  were	  used	  upstream	  of	  ozone	  monitors.	  	  For	  solar-‐powered	  sites,	  
sample	  inlets	  were	  at	  three	  meters.	  	  For	  sites	  in	  buildings,	  sample	  inlets	  were	  about	  one	  meter	  above	  
roof	  level	  and	  from	  three	  to	  five	  meters	  above	  ground	  level,	  with	  the	  exception	  of	  the	  Vernal	  (USU)	  site	  
where	  the	  inlet	  was	  two	  meters	  above	  roof	  level	  and	  15	  m	  above	  ground	  level.	  	  	  


Ozone	  monitor	  locations	  operated	  by	  USU	  and	  UDEQ	  were	  visited	  every	  two	  weeks	  during	  which	  service	  
maintenance,	  data	  retrieval,	  three-‐point	  calibration	  checks,	  and,	  if	  necessary,	  monitor	  recalibrations	  
were	  performed.	  	  Calibration	  checks	  were	  performed	  at	  0,	  90,	  and	  140	  ppb	  ozone	  using	  2B	  Model	  306	  
calibrators	  checked	  against	  NIST-‐traceable	  primary	  ozone	  standards.	  	  Calibration	  checks	  passed	  if	  
monitors	  reported	  in	  the	  range	  of	  ±5	  ppb	  when	  exposed	  to	  0	  ppb	  ozone,	  and	  if	  monitors	  were	  within	  
±7%	  deviation	  from	  expected	  values	  when	  exposed	  to	  90	  and	  140	  ppb	  ozone.	  	  If	  monitors	  failed	  checks,	  
calibrations	  were	  performed	  at	  five	  points	  spaced	  linearly	  between	  0	  and	  140	  ppb.	  	  Data	  not	  bracketed	  
by	  successful	  calibration	  checks	  were	  either	  adjusted	  via	  linear	  correction,	  when	  feasible,	  or	  withheld	  
from	  the	  final	  dataset.	  	  The	  correction	  assumed	  a	  linear	  change	  in	  instrument	  response	  over	  the	  two-‐
week	  period	  between	  calibration	  checks.	  
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Geospatial	  Analysis	  
Geospatial	  analyses	  and	  map	  production	  were	  performed	  using	  ArcMAP	  10	  (ESRI).	  	  Geographic	  
Information	  System	  data	  utilized	  in	  these	  operations	  were	  downloaded	  from	  the	  following	  sources:	  


BLM	  Colorado.	  Available:	  http://www.blm.gov/co/st/en/BLM_Programs/geographical_sciences/	  
gis.html.	  Last	  accessed:	  28	  Apr.	  2011.	  	  


Colorado	  Department	  of	  Transportation.	  Available:	  http://www.coloradodot.info/.	  Last	  
accessed:	  27	  Apr.	  2011.	  


Colorado	  Oil	  and	  Gas	  Conservation	  Commission.	  Available:	  http://cogcc.state.co.us/.	  Last	  
accessed:	  7	  June	  2012.	  


U.S.	  Geologic	  Survey	  National	  Elevation	  Dataset.	  Available:	  http://ned.usgs.gov.	  Last	  accessed:	  
22	  Mar.	  2011.	  	  


Utah	  GIS	  Portal.	  Available:	  http://agrc.its.state.ut.us/.	  Last	  accessed:	  19	  July	  2012.	  


Ozone	  concentrations	  were	  spatially	  interpolated	  using	  the	  Natural	  Neighbor	  interpolation	  tool	  in	  
ArcMAP.	  	  The	  default	  option	  of	  a	  variable	  search	  radius	  that	  includes	  12	  data	  points	  was	  utilized	  in	  the	  
interpolation	  process.	  	  	  


Oxides	  of	  Nitrogen	  
Ogawa	  passive	  samplers	  were	  used	  to	  measure	  NOx	  at	  ten	  of	  sixteen	  NOx	  measurement	  sites	  (NO	  +	  NO2;	  
Ogawa,	  2012).	  	  Each	  sampler	  held	  one	  sorbent	  pad	  to	  collect	  NO2	  and	  one	  pad	  to	  collect	  NOx.	  	  NO	  was	  
determined	  as	  the	  difference	  between	  the	  pads.	  	  Gloves	  were	  worn	  during	  sample	  handling.	  	  Before	  
deployment,	  samplers	  were	  rinsed	  thoroughly	  with	  distilled	  water,	  followed	  by	  18.2	  megaohm	  water,	  
then	  covered	  and	  allowed	  to	  dry	  for	  at	  least	  24	  hours.	  	  No	  more	  than	  24	  hours	  before	  deployment,	  
samplers	  were	  assembled	  and	  sealed	  in	  plastic	  bags	  within	  opaque	  plastic	  containers.	  	  Samplers	  were	  
deployed	  in	  Radiello	  outdoor	  shelters	  at	  2.5	  m	  above	  ground	  level.	  	  After	  deployment,	  samplers	  were	  
again	  sealed	  in	  plastic	  bags	  within	  opaque	  containers	  and	  were	  stored	  in	  a	  freezer	  until	  analysis.	  


All	  sampler	  deployments	  were	  for	  one	  week,	  and	  at	  least	  two	  field	  blanks	  were	  collected	  during	  each	  
deployment.	  	  Three	  replicate	  samples	  were	  implemented	  at	  one	  or	  more	  sites	  during	  each	  deployment.	  	  
Samples	  were	  analyzed	  using	  a	  Dionex	  ICS	  3000	  ion	  chromatograph.	  


NO2	  and	  NOx	  were	  blank	  corrected	  using	  average	  field	  blank	  values	  for	  the	  entire	  study,	  2.4	  ±	  1.4	  and	  2.7	  
±	  0.9	  ppb,	  respectively	  (i.e.,	  mean	  ±	  standard	  deviation).	  	  Since	  NO	  was	  derived	  as	  the	  difference	  
between	  NOx	  and	  NO2,	  no	  NO-‐specific	  blank	  correction	  was	  applied	  (NO	  field	  blank	  values	  were	  0.3	  ±	  1.3	  
ppb).	  	  Detection	  limits	  were	  calculated	  as	  two	  times	  the	  standard	  deviation	  of	  blanks,	  which	  resulted	  in	  
detection	  limits	  of	  2.6,	  2.9,	  and	  1.8	  ppb	  for	  NO,	  NO2,	  and	  NOx,	  respectively.	  	  The	  relative	  standard	  
deviation	  of	  replicate	  samples	  (100	  ×	  standard	  deviation/mean)	  was	  89	  ±	  68%,	  41±	  55%,	  and	  23	  ±	  9%	  for	  
NO,	  NO2,	  and	  NOx,	  respectively.	  


Passive	  NOx	  samplers	  were	  deployed	  alongside	  active	  NOx	  samplers	  for	  six	  weeks	  at	  Horse	  Pool,	  four	  
weeks	  at	  Fruitland,	  and	  two	  weeks	  at	  Roosevelt.	  	  Figure	  2-‐2	  shows	  passive	  NOx	  measurements	  vs.	  
weekly	  average	  active	  NOx	  measurements	  for	  the	  three	  sites.	  	  Blank-‐corrected	  passive	  NOx	  values	  were	  
155	  ±	  145%	  greater	  than	  weekly	  averaged	  active	  NOx	  data.	  	  The	  cause	  of	  this	  bias	  is	  unclear.	  	  It	  is	  
possible	  the	  Radiello	  outdoor	  shelters	  did	  not	  provide	  adequate	  protection	  from	  wind,	  but	  passive	  NOx	  
were	  not	  correlated	  with	  average	  wind	  speed	  (R2	  =	  0.01).	  	  Passive	  NOx	  data	  were	  corrected	  to	  match	  
active	  measurements	  based	  on	  the	  reduced	  major	  axis	  regression	  relationship	  between	  the	  two	  
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datasets.	  	  The	  correlation	  between	  passive	  and	  active	  data	  was	  low	  (R2	  =	  0.04).	  	  Much	  of	  the	  variability	  
between	  passive	  and	  active	  NOx	  is	  likely	  due	  to	  both	  sampling	  methods	  being	  near	  their	  respective	  
detection	  limits.	  


	  
Figure	  2-‐2.	  	  Passive	  NOx	  measurements	  versus	  weekly	  average	  active	  NOx	  measurements	  at	  Fruitland,	  
Horse	  Pool,	  and	  Roosevelt.	  	  The	  line	  represents	  the	  reduced	  major	  axis	  regression	  relationship	  between	  
active	  and	  passive	  measurements.	  
	  


Volatile	  Organic	  Compounds	  
Radiello	  passive	  samplers	  (Model	  RAD120	  diffusive	  body	  and	  Model	  RAD130	  sorbent	  cartridge)	  were	  
used	  to	  measure	  VOC	  (Radiello,	  2012).	  	  New	  sorbent	  cartridges	  were	  placed	  in	  clean	  Radiello	  diffusive	  
bodies,	  capped,	  and	  sealed	  in	  trace-‐clean	  250	  ml	  I-‐Chem	  glass	  jars	  with	  Teflon	  lids	  less	  than	  24	  hours	  
before	  sampling.	  	  Samplers	  were	  deployed	  in	  Radiello	  outdoor	  shelters	  at	  2.5	  m	  above	  ground	  level.	  	  
After	  deployment,	  samplers	  were	  returned	  to	  I-‐Chem	  jars	  for	  transport,	  and	  sorbent	  cartridges	  were	  
placed	  in	  capped	  glass	  tubes	  for	  analysis.	  


All	  sampler	  deployments	  were	  for	  one	  week,	  and	  at	  least	  two	  field	  blanks	  were	  collected	  during	  each	  
deployment.	  	  Three	  replicate	  samples	  were	  deployed	  at	  one	  or	  more	  sites	  during	  each	  deployment.	  


For	  VOC	  analysis,	  two	  ml	  of	  CS2	  was	  added	  to	  the	  tube	  containing	  the	  adsorbent	  cartridge.	  	  The	  
cartridges	  were	  allowed	  to	  sit	  for	  30	  minutes.	  	  An	  aliquot	  of	  the	  CS2	  solution	  then	  was	  put	  in	  an	  
autosampler	  and	  analyzed	  with	  a	  Shimadzu	  QP-‐2010	  gas	  chromatograph	  with	  a	  flame	  ionization	  
detector	  and	  mass	  spectrometer.	  	  The	  following	  standards	  were	  used	  for	  calibration:	  	  methyl-‐
cyclopentane,	  benzene,	  cyclohexane,	  n-‐heptane,	  methyl-‐cyclohexane,	  toluene,	  ethyl-‐benzene,	  o-‐xylene,	  
alpha-‐pinene,	  n-‐undecane.	  	  These	  standards	  were	  chosen	  because	  they	  represented	  a	  good	  distribution	  
of	  retention	  times	  and	  were	  of	  interest	  to	  this	  study.	  	  Calibration	  curves	  from	  these	  compounds	  were	  
used	  to	  quantify	  unknown	  peaks	  with	  similar	  retention	  times	  to	  the	  calibration	  compounds.	  	  Peaks	  were	  
identified	  via	  retention	  time	  and	  mass	  spectra.	  	  	  


Data	  processing	  followed	  Radiello	  standard	  methods,	  and	  unknown	  peaks	  were	  quantified	  by	  assuming	  
similarity	  to	  calibration	  compounds	  with	  similar	  retention	  times.	  	  Radiello	  Model	  130	  cartridges	  cannot	  
quantify	  hydrocarbons	  with	  fewer	  than	  six	  carbons	  due	  to	  interference	  from	  the	  solvent	  peak	  and	  are	  
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not	  effective	  for	  hydrocarbons	  larger	  than	  undecane.	  	  Mixing	  ratios	  for	  individual	  compounds	  are	  
reported	  as	  ppbv	  of	  that	  compound.	  	  Mixing	  ratios	  for	  C6-‐C11	  VOC	  (organic	  compounds	  with	  6-‐11	  
carbon	  atoms,	  including	  unidentifiable	  peaks)	  were	  quantified	  as	  propane-‐equivalent	  ppb	  by	  (1)	  
multiplying	  ppbv	  of	  each	  compound	  by	  the	  number	  of	  carbons	  in	  that	  compound	  to	  obtain	  ppbC,	  (2)	  
dividing	  ppbC	  by	  three	  to	  obtain	  propane-‐equivalent	  ppb,	  and	  (3)	  summing	  the	  results	  of	  each	  peak	  for	  
the	  entire	  sample.	  


Blanks	  for	  total	  C6-‐C11	  VOC	  (including	  quantification	  of	  unidentifiable	  peaks)	  were	  0.57	  ±	  0.42	  ppb.	  	  
Individual	  chromatographic	  peaks	  from	  field	  blanks	  were	  typically	  unidentifiable,	  and	  blank	  corrections	  
for	  individual	  compounds	  were	  not	  applied.	  	  Relative	  standard	  deviations	  of	  replicates	  were	  7.4	  ±	  5.1%	  
for	  total	  C6-‐C11	  VOC	  and	  averaged	  22.9	  ±	  24.0%	  for	  individual	  compounds.	  	  Also,	  one	  deployment	  at	  
Roosevelt	  and	  four	  deployments	  at	  Horse	  Pool	  overlapped	  with	  canister	  and	  real-‐time	  gas	  
chromatograph	  data	  collection,	  respectively	  (Figure	  2-‐3).	  	  The	  percent	  difference	  between	  passive	  and	  
active	  measurements	  during	  these	  periods	  (100	  ×	  [passive-‐active]/active)	  was	  -‐38.7	  ±	  49.1%.	  	  Passive	  
data	  were	  corrected	  using	  the	  reduced	  major	  axis	  regression	  relationship	  with	  active	  measurements.	  


	  
Figure	  2-‐3.	  	  Values	  for	  individual	  VOC	  from	  weekly	  passive	  deployments	  at	  Horse	  Pool	  versus	  weeklong	  
average	  VOC	  data	  from	  real-‐time	  samples	  collected	  by	  NOAA.	  
	  


Meteorological	  Monitoring	  	  
Meteorological	  data	  were	  collected	  at	  41	  sites	  in	  and	  around	  the	  Uintah	  Basin	  (Figure	  2-‐4).	  	  Parameters	  
measured	  included	  temperature,	  relative	  humidity,	  pressure,	  wind	  speed,	  and	  wind	  direction	  at	  three	  
meters	  above	  ground	  level.	  	  	  
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Figure	  2-‐4.	  	  Measurement	  locations	  of	  meteorological	  data	  in	  the	  Uintah	  Basin.	  


	  


Vertical	  Measurements	  
Vertical	  measurements	  of	  ozone	  and	  meteorology	  were	  made	  using	  balloon-‐borne	  packages	  at	  
Roosevelt,	  Red	  Wash,	  Ouray,	  Wells	  Draw,	  and	  Pariette	  Draw,	  14-‐25	  February.	  	  A	  modified	  2B	  
Technologies	  Model	  205	  analyzer	  was	  attached	  to	  the	  balloon	  and	  used	  to	  measure	  vertical	  ozone	  
profiles.	  	  Two	  Anasphere	  SmartTether	  systems	  were	  used	  to	  concurrently	  measure	  temperature,	  
relative	  humidity,	  pressure,	  and	  wind	  speed	  and	  direction	  profiles	  at	  different	  locations.	  	  Meteorological	  
packages	  and	  the	  ozone	  analyzer	  were	  suspended	  about	  three	  meters	  below	  the	  balloons.	  


Ascent	  and	  descent	  of	  the	  balloon	  were	  manually	  controlled,	  with	  a	  standard	  initial	  height	  above	  ground	  
of	  the	  package	  set	  at	  2.0	  m.	  	  Final	  heights	  of	  the	  package	  were	  between	  100	  and	  500	  m	  above	  ground	  
and	  were	  determined	  by	  the	  lower	  of	  either	  the	  maximum	  altitude	  achievable	  based	  on	  the	  lifting	  
capacity	  of	  the	  balloon	  or	  the	  maximum	  altitude	  allowed	  in	  the	  Federal	  Aviation	  Administration	  (FAA)	  
waiver	  for	  each	  site.	  	  The	  descent	  usually	  was	  initiated	  less	  than	  three	  minutes	  after	  the	  maximum	  
height	  was	  reached	  to	  reduce	  the	  time	  between	  the	  start	  of	  the	  ascent	  and	  end	  of	  the	  descent.	  	  A	  total	  
time	  for	  the	  ascent	  and	  descent	  of	  20-‐30	  minutes	  was	  targeted.	  	  Vertical	  profile	  meteorological	  
characterization	  was	  performed	  throughout	  the	  day,	  with	  special	  focus	  on	  the	  following	  time	  periods:	  	  
shortly	  after	  sunrise,	  midday,	  mid-‐afternoon,	  and	  sunset.	  	  Digital	  compass	  calibration	  checks	  were	  
performed	  with	  the	  differences	  in	  reported	  and	  actual	  wind	  direction	  recorded	  and	  then	  used	  to	  correct	  
wind	  direction	  data.	  	  
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RESULTS	  AND	  DISCUSSION	  


Ozone	  
A	  time	  series	  of	  hourly	  average	  ozone	  concentrations	  at	  all	  sites	  is	  shown	  in	  Figure	  2-‐5.	  	  No	  exceedances	  
of	  the	  EPA	  National	  Ambient	  Air	  Quality	  Standard	  (NAAQS)	  of	  75	  ppb	  were	  measured	  during	  the	  study	  
period.	  	  Compliance	  with	  the	  NAAQS	  occurs	  if	  the	  three-‐year	  mean	  of	  the	  annual	  fourth	  highest	  daily	  
maximum	  eight-‐hour	  average	  is	  lower	  than	  75	  ppb	  (NAAQS,	  2012).	  	  The	  highest	  one-‐hour	  average,	  
highest	  eight-‐hour	  average,	  and	  fourth	  highest	  eight-‐hour	  average	  values	  were	  recorded	  at	  Lapoint	  
during	  this	  study	  (Table	  2-‐2).	  	  The	  lowest	  values	  in	  each	  of	  these	  categories	  were	  measured	  at	  the	  Vernal	  
UDEQ	  site.	  


The	  highest	  ozone	  levels	  recorded	  at	  most	  sites	  occurred	  on	  March	  10	  and	  11,	  but	  were	  well	  below	  the	  
EPA’s	  75	  ppb	  standard.	  	  The	  highest	  recorded	  one-‐hour	  average	  was	  65.8	  ppb	  at	  Lapoint	  on	  March	  10.	  	  
In	  contrast,	  the	  highest	  one-‐hour	  average	  observed	  during	  the	  winter	  2010-‐11	  study	  was	  149.0	  ppb	  at	  
Ouray.	  	  Daily	  maximum	  one-‐hour	  averages	  at	  all	  sites	  showed	  an	  increasing	  trend	  from	  December	  to	  
March,	  which	  may	  be	  associated	  with	  the	  natural	  increase	  in	  incoming	  solar	  radiation	  as	  the	  days	  move	  
further	  from	  the	  winter	  solstice.	  	  Average	  incoming	  solar	  radiation	  at	  the	  Ouray	  site	  from	  early	  January	  
through	  early	  March	  is	  shown	  in	  Figure	  2-‐6.	  	  


Nighttime	  ozone	  depletion	  greater	  than	  20	  ppb	  occurred	  almost	  daily	  at	  some	  sites	  throughout	  the	  
Basin.	  	  Ozone	  removal	  may	  be	  due	  to	  surface	  deposition	  and	  reactions	  with	  other	  gas	  phase	  species,	  
especially	  NO	  (Sillman,	  1999).	  	  The	  strongest	  decreases	  in	  ozone	  concentrations	  were	  measured	  in	  the	  
Duchesne,	  Roosevelt,	  and	  Vernal	  population	  centers.	  	  The	  location,	  regularity,	  and	  degree	  of	  depletion	  
are	  evidence	  of	  strong	  impacts	  by	  local	  sources	  of	  ozone-‐removing	  compounds—probably	  mostly	  NO—
associated	  with	  the	  population	  centers.	  	  The	  dominant	  anthropogenic	  source	  of	  NO	  is	  combustion,	  
including	  automobiles,	  other	  engines,	  and	  heating	  systems.	  


	  
Figure	  2-‐5.	  	  Time	  series	  of	  hourly	  average	  ozone	  concentrations	  observed	  at	  all	  monitoring	  locations	  in	  
the	  Uintah	  Basin	  in	  winter	  2011-‐12.	  	  Each	  colored	  trace	  indicates	  an	  individual	  monitoring	  station.	  	  The	  
red	  dashed	  line	  shows	  75	  ppb.	  
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Figure	  2-‐6.	  	  Averaged	  incoming	  solar	  radiation	  at	  Ouray	  for	  several	  time	  periods,	  winter	  2012.	  


	  


Table	  2-‐2.	  	  Ozone	  concentrations	  recorded	  at	  each	  measurement	  site,	  winter	  2011-‐12.	  


Site	   Median	  of	  	  	  	  	  
1-‐hr	  Values	  


Highest	  	  	  	  	  	  	  	  	  	  	  	  
1-‐hr	  Average	  


Highest	  	  	  	  	  	  	  	  	  	  	  	  
8-‐hr	  Average	  


4th	  Highest	  	  
8-‐hr	  Average	  


Number	  of	  	  	  	  
Exceedances	  


Altamont	   41.1	   60.7	   56.4	   54.3	   0	  
Cedarview	   39.8	   62.9	   58.8	   58.1	   0	  
Dinosaur,	  CO	   39.2	   58.8	   56.3	   55.2	   0	  
Dinosaur	  NM	   28.1	   62.9	   58.2	   57.7	   0	  
Duchesne	   36.4	   58.8	   55.5	   53.1	   0	  
Fruitland	   36.0	   59.0	   56.0	   55.1	   0	  
Gas	  Field	  East	   35.7	   63.1	   59.0	   55.0	   0	  
Gas	  Field	  West	   38.9	   59.8	   56.0	   55.0	   0	  
Gusher	   42.8	   65.0	   61.1	   59.9	   0	  
Horse	  Pool	   36.4	   62.4	   57.4	   56.7	   0	  
Jensen	   33.0	   59.9	   55.6	   54.7	   0	  
Lapoint	   44.7	   65.8	   62.9	   62.0	   0	  
Little	  Mountain	   44.1	   57.9	   56.5	   56.4	   0	  
Moondance	   39.5	   60.3	   55.5	   54.2	   0	  
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Mountain	  Home	   45.5	   61.7	   58.7	   57.5	   0	  
Myton	   39.0	   60.0	   57.1	   55.4	   0	  
Ouray	   33.0	   59.0	   55.4	   52.5	   0	  
Pariette	  Draw	   35.6	   61.4	   57.1	   55.7	   0	  
Rabbit	  Mountain	   40.8	   59.4	   56.8	   55.0	   0	  
Rangely	   28.7	   56.5	   52.9	   51.4	   0	  
Red	  Wash	   36.0	   57.0	   55.8	   54.6	   0	  
Roosevelt	  DEQ	   30.0	   60.0	   55.4	   54.6	   0	  
Roosevelt	  USU	   27.9	   62.3	   56.9	   56.3	   0	  
Starvation	   41.4	   61.7	   58.7	   57.8	   0	  
Tavaputs	  East	   42.3	   65.6	   62.4	   60.6	   0	  
Tavaputs	  West	   40.9	   57.0	   54.1	   53.6	   0	  
Vernal	  DEQ	   25.0	   50.0	   47.3	   46.8	   0	  
Vernal	  USU	   32.4	   60.9	   56.6	   55.7	   0	  
Wells	  Draw	   40.4	   62.4	   58.0	   56.9	   0	  
Whiterocks	   42.0	   57.0	   54.4	   53.5	   0	  


	  


Comparison	  of	  Winter	  2011	  and	  Winter	  2012	  Ozone	  Measurements	  
Figure	  2-‐7	  shows	  a	  time	  series	  of	  eight-‐hour	  average	  ozone	  concentrations	  in	  2011	  and	  2012.	  	  
No	  periods	  of	  ozone	  buildup	  above	  the	  NAAQS	  were	  observed	  in	  2012.	  	  Monitoring	  stations	  in	  
2011,	  however,	  reported	  25	  NAAQS	  exceedances,	  with	  14	  of	  17	  sites	  affected	  (Martin	  et	  al.,	  
2011).	  	  


Some	  similarities	  did	  exist	  between	  the	  2011	  and	  2012	  studies.	  	  The	  daily	  peak	  ozone	  values	  
observed	  around	  the	  first	  of	  the	  year	  in	  2011	  (that	  is,	  before	  the	  first	  elevated	  ozone	  episode)	  
were	  very	  similar	  to	  those	  observed	  in	  2012	  for	  the	  same	  time	  period,	  and	  values	  in	  mid-‐March	  
were	  also	  similar	  for	  both	  years.	  	  Also,	  the	  Duchesne,	  Roosevelt,	  and	  Vernal	  population	  centers	  
generally	  exhibited	  more	  ozone	  depletion	  during	  the	  nighttime	  hours	  in	  both	  2011	  and	  2012	  
than	  other	  sites	  in	  less	  populated	  areas.	  
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Figure	  2-‐7.	  	  Hourly	  ozone	  concentrations	  in	  the	  Uintah	  Basin	  at	  all	  sites	  during	  winter	  2010-‐11	  and	  
winter	  2011-‐12	  studies.	  	  Each	  colored	  line	  represents	  data	  from	  a	  different	  site.	  	  The	  horizontal	  red-‐
dotted	  line	  marks	  the	  eight-‐hour	  average	  NAAQS	  value	  of	  75	  ppb.	  
	  


Figure	  2-‐8	  shows	  contour	  maps	  of	  ozone	  distribution	  in	  the	  Basin.	  	  The	  first	  illustrates	  the	  
highest	  hourly	  concentrations	  of	  the	  2010-‐11	  study	  (16	  February	  2011	  at	  15:00),	  and	  the	  second	  
illustrates	  the	  highest	  hourly	  concentrations	  of	  the	  2011-‐12	  study	  (10	  March	  2012	  at	  15:00).	  	  
The	  maps	  show	  very	  different	  ozone	  levels	  in	  the	  central	  area	  of	  the	  Basin,	  but	  concentrations	  in	  
Fruitland,	  Altamont,	  Rabbit	  Mountain,	  and	  Rangely	  areas	  are	  similar	  for	  both	  years.	  	  	  


The	  contrast	  in	  ozone	  concentrations	  likely	  is	  due	  to	  the	  two	  winters’	  divergent	  meteorological	  
and	  snow	  cover	  conditions.	  	  Winter	  2011	  had	  ample	  snow	  cover	  and	  multiple	  periods	  of	  
persistent	  and	  stagnant	  temperature	  inversions,	  while	  winter	  2012	  experienced	  very	  limited	  
snow	  cover	  and	  weak,	  short-‐lived	  temperature	  inversions.	  	  This	  year-‐to-‐year	  disparity	  highlights	  
the	  role	  meteorology	  plays	  in	  producing	  wintertime	  ozone	  in	  the	  Uintah	  Basin.	  	  Elevated	  ozone	  
values	  and	  a	  buildup	  of	  ozone	  over	  several	  days	  apparently	  occur	  only	  during	  periods	  of	  snow	  
cover	  and	  temperature	  inversion.	  	  While	  snow	  cover	  was	  present	  throughout	  the	  winter	  in	  
2011,	  the	  buildup	  of	  ozone	  that	  led	  to	  concentrations	  above	  75	  ppb	  only	  occurred	  during	  multi-‐
day	  calm	  periods	  between	  dynamic	  frontal	  systems.	  	  These	  same	  meteorological	  conditions	  
were	  found	  to	  be	  necessary	  in	  producing	  elevated	  wintertime	  ozone	  levels	  in	  the	  Upper	  Green	  
River	  Basin	  of	  Wyoming	  (Schnell	  et	  al.,	  2009;	  ENVIRON,	  2010).	  	  	  
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Figure	  2-‐8.	  	  Highest	  one-‐hour	  average	  ozone	  concentrations	  in	  the	  Basin	  during	  the	  2011	  study	  on	  16	  
Feb.	  at	  15:00	  (top)	  and	  the	  2012	  study	  on	  10	  Mar.	  at	  15:00	  (bottom).	  	  Color	  scales	  are	  on	  the	  same	  10	  
ppb	  interval	  for	  both	  panels.	  The	  2011	  map	  uses	  10	  ppb	  contour	  lines;	  the	  2012	  map,	  5	  ppb.	  
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Period	  of	  Highest	  Ozone:	  8-‐11	  March	  2012	  
The	  highest	  ozone	  concentrations	  during	  winter	  2011-‐12	  were	  observed	  8-‐11	  March	  and	  are	  
shown	  in	  Figure	  2-‐9.	  	  Ozone	  concentrations	  and	  patterns	  were	  analyzed	  for	  this	  period	  and	  are	  
discussed	  below.	  


A	  strong	  wind	  event	  occurred	  throughout	  the	  Basin	  around	  midnight	  on	  8	  March	  and	  lasted	  for	  
several	  hours,	  resulting	  in	  a	  well-‐mixed	  atmosphere	  and	  uniform	  ozone	  concentrations	  at	  most	  
sites.	  	  Most	  locations	  outside	  of	  the	  larger	  population	  centers	  did	  not	  see	  a	  decrease	  of	  ozone	  
greater	  than	  10-‐15	  ppb	  in	  the	  early	  daylight	  hours	  on	  8	  March;	  however,	  large	  ozone	  decreases	  
in	  population	  centers	  (Duchesne,	  Vernal,	  and	  Roosevelt)	  were	  observed	  shortly	  after	  the	  wind	  
event	  ended.	  	  The	  time	  correlation	  with	  typical	  morning	  household	  activities	  and	  traffic	  patterns	  
suggests	  that	  destruction	  of	  ozone	  by	  NO	  emitted	  from	  local	  combustion	  sources	  may	  have	  
been	  responsible	  for	  this	  decrease.	  	  Other	  sites	  around	  the	  Basin	  exhibited	  less	  ozone	  reduction.	  


	  
Figure	  2-‐9.	  	  Ozone	  concentration	  time	  series	  at	  all	  sites	  during	  the	  highest	  recorded	  period	  of	  ozone	  
levels,	  8-‐11	  Mar.	  2012.	  	  In	  the	  legend,	  sites	  are	  ordered	  from	  highest	  to	  lowest	  elevation.	  
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Very	  little	  diurnal	  variation	  in	  ozone	  concentrations	  was	  observed	  at	  Little	  Mountain,	  Mountain	  
Home,	  Tavaputs	  East,	  and	  Tavaputs	  West	  (study	  sites	  of	  highest	  elevation)	  during	  the	  8-‐11	  March	  
period	  and	  throughout	  the	  study.	  	  The	  patterns	  and	  ozone	  concentrations	  observed	  at	  these	  sites	  
were	  consistent	  with	  wintertime	  measurements	  made	  at	  sites	  located	  in	  remote	  areas	  of	  the	  
western	  US	  in	  normal	  (often	  snow-‐covered)	  conditions,	  such	  as	  Canyonlands	  or	  Yellowstone	  
National	  Parks	  (ENVIRON,	  2010;	  CASTNET,	  2012).	  	  	  


Across	  the	  four	  days,	  as	  was	  generally	  observed	  throughout	  the	  study,	  midday	  ozone	  levels	  at	  all	  
sites	  were	  within	  10-‐12	  ppb	  of	  one	  another.	  	  The	  homogeneity	  of	  daytime	  concentrations	  and	  
patterns	  provides	  evidence	  of	  good	  daytime	  atmospheric	  mixing	  in	  the	  Basin	  compared	  to	  2011.	  	  


Incoming	  solar	  radiation	  was	  greater	  in	  March	  than	  earlier	  in	  the	  winter,	  which	  may	  at	  least	  
partly	  explain	  why	  8-‐11	  March	  had	  higher	  ozone	  than	  earlier	  in	  the	  winter.	  	  Also,	  Little	  Mountain	  
and	  Mountain	  Home	  (two	  high	  elevation	  sites)	  experienced	  average	  increases	  in	  daily	  maximum	  
ozone	  of	  7.3	  ppb	  and	  6.3	  ppb,	  respectively,	  during	  the	  8-‐11	  March	  period	  relative	  to	  the	  4-‐7	  
March	  period.	  	  The	  average	  ozone	  increase	  for	  all	  monitors	  was	  similar	  (7.5	  ppb),	  even	  though	  
the	  sites	  were	  at	  different	  elevations	  and	  in	  varying	  proximity	  to	  ozone	  precursor	  
sources.	  	  Because	  ozone	  increased	  at	  all	  sites	  during	  this	  event,	  it	  is	  likely	  that	  much	  of	  the	  event	  
was	  dominated	  by	  an	  increase	  in	  concentrations	  of	  ozone	  transported	  from	  outside	  the	  Basin.	  	  
However,	  since	  13	  sites	  recorded	  increases	  greater	  than	  the	  7.3	  ppb	  rise	  observed	  at	  Little	  
Mountain,	  it	  is	  likely	  that	  local	  photochemical	  ozone	  production	  also	  played	  a	  role	  in	  the	  
observed	  concentrations.	  	  


Hourly	  average	  ozone	  concentrations	  were	  calculated	  for	  07:00	  and	  15:00,	  8-‐11	  March	  (times	  
refer	  to	  the	  end	  of	  the	  averaging	  period).	  	  The	  difference	  between	  early	  morning	  and	  mid-‐
afternoon	  ozone	  concentrations	  is	  indicative	  of	  the	  chemical	  reactions	  taking	  place	  to	  create	  
and/or	  destroy	  ozone	  between	  those	  time	  periods.	  	  Spatial	  interpolations	  of	  the	  difference	  
between	  07:00	  and	  15:00	  average	  concentrations	  are	  shown	  in	  Figure	  2-‐10.	  	  The	  largest	  
differences	  between	  morning	  and	  afternoon	  concentrations	  occurred	  in	  urban	  and	  lower	  
elevation	  areas.	  	  These	  spatial	  trends	  in	  diurnal	  differences	  are	  likely	  driven	  mostly	  by	  ozone	  
destruction	  at	  night	  (via	  chemical	  reactions	  and	  deposition	  to	  surfaces;	  Kley	  et	  al.,	  1994),	  since	  
daytime	  concentrations	  at	  all	  sites	  were	  similar.	  
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Figure	  2-‐10.	  	  Differences	  between	  07:00	  and	  15:00	  ozone	  concentrations	  in	  the	  Uintah	  Basin,	  8-‐11	  Mar.	  
2012.	  	  Contour	  lines	  represent	  10	  ppb	  intervals.	  
	  


Oxides	  of	  Nitrogen	  
NOx	  were	  not	  evenly	  distributed	  in	  the	  Uintah	  Basin	  during	  winter	  2012.	  	  Figure	  2-‐11	  shows	  the	  
distribution	  of	  average	  NOx	  concentrations	  at	  16	  sites	  during	  February	  2012	  (inclusive	  of	  passive	  and	  
active	  NOx	  measurements).	  	  Table	  2-‐3	  shows	  the	  average	  NO,	  NO2,	  and	  NOx	  for	  the	  same	  16	  sites	  during	  
February	  2012.	  	  An	  average	  for	  February	  was	  used	  to	  reduce	  the	  influence	  of	  day-‐to-‐day	  and	  week-‐to-‐
week	  changes	  in	  meteorology	  on	  results.	  	  Vernal	  experienced	  the	  highest	  NOx,	  likely	  due	  to	  emissions	  
from	  urban	  and	  traffic	  sources.	  	  Vernal	  averaged	  a	  NO2	  concentration	  of	  9.7	  ppb,	  well	  under	  the	  13.1	  
ppb	  average	  of	  81	  mostly	  urban	  locations	  around	  the	  United	  States	  in	  2010	  (EPA,	  2012),	  and	  significantly	  
lower	  than	  the	  53	  ppb	  EPA	  NAAQS	  annual	  average	  standard	  for	  NO2	  (NAAQS,	  2012;	  No	  NAAQS	  standard	  
exists	  for	  NOx).	  
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Figure	  2-‐11.	  	  Average	  NOx	  around	  the	  Uintah	  Basin,	  Feb.	  2012.	  


	  


Table	  2-‐3.	  	  Average	  NO,	  NO2,	  and	  NOx	  at	  16	  sites	  around	  the	  Uintah	  Basin,	  Feb.	  2012.	  	  (The	  sum	  of	  NO	  
and	  NO2	  may	  not	  equal	  NOx	  due	  to	  variability	  in	  and	  independent	  averaging	  of	  each	  parameter.)	  


Site	  Name	   Latitude	   Longitude	   Type	   NO	  (ppb)	   NO2	  (ppb)	   NOx	  (ppb)	  


Tavaputs	  West	   39.754	   -‐109.546	   Passive	   1.1	   0.0	   0.6	  
Dinosaur	   40.244	   -‐108.972	   Passive	   0.7	   0.0	   1.6	  
Wells	  Draw	   40.067	   -‐110.151	   Passive	   0.3	   0.0	   1.6	  
Whiterocks	   40.469	   -‐109.930	   Active	   0.2	   1.6	   1.8	  
Rabbit	  Mountain	   39.869	   -‐109.097	   Active	   0.6	   1.4	   2.0	  
Fruitland	   40.209	   -‐110.840	   Active	   0.3	   1.8	   2.1	  
Pariette	  Draw	   40.035	   -‐109.830	   Passive	   0.0	   1.3	   2.7	  
Horse	  Pool	   40.144	   -‐109.467	   Active	   0.0	   3.1	   2.8	  
Jensen	   40.367	   -‐109.352	   Passive	   0.4	   0.7	   2.9	  
Myton	   40.195	   -‐110.062	   Active	   0.8	   2.5	   3.0	  
Altamont	   40.360	   -‐110.286	   Passive	   2.8	   0.0	   4.1	  
Ouray	   40.055	   -‐109.688	   Active	   0.5	   3.6	   4.3	  
Red	  Wash	   40.197	   -‐109.353	   Active	   0.9	   4.3	   4.9	  
Roosevelt	   40.294	   -‐110.009	   Active	   0.0	   4.3	   5.0	  
Gas	  Field	  East	   39.981	   -‐109.345	   Passive	   1.9	   2.5	   6.1	  
Vernal	   40.453	   -‐109.510	   Active	   1.7	   9.7	   11.2	  
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The	  population	  of	  the	  Vernal	  metropolitan	  area	  was	  9,089	  in	  2010	  (Census,	  2012),	  1.5	  times	  greater	  
than	  Roosevelt	  (6,046).	  	  NOx	  concentrations	  in	  Vernal	  were	  2.3	  times	  greater	  than	  in	  Roosevelt	  and	  four	  
times	  greater	  than	  in	  Jensen	  (18	  km	  east	  of	  Vernal).	  	  Gas	  Field	  East,	  situated	  in	  an	  area	  of	  multiple	  
mobile	  and	  stationary	  NOx	  sources	  and	  of	  greatest	  oil	  and	  gas	  well	  density	  in	  the	  Basin,	  experienced	  
higher	  average	  NOx	  than	  Roosevelt,	  but	  less	  than	  Vernal.	  	  


February	  average	  NOx	  were	  4.6	  ppb	  for	  Horse	  Pool,	  Red	  Wash,	  and	  Gas	  Field	  East,	  three	  sites	  in	  the	  oil	  
and	  gas	  production	  area	  of	  Uintah	  County.	  	  This	  value	  was	  1.6	  times	  higher	  than	  average	  NOx	  for	  Wells	  
Draw	  and	  Altamont	  (2.9	  ppb),	  two	  sites	  in	  oil	  and	  gas	  production	  areas	  of	  Duchesne	  County.	  	  The	  WRAP	  
III	  2012	  oil	  and	  gas	  emissions	  inventory	  (WRAP	  III,	  2012)	  predicts	  8849	  tons	  per	  year	  of	  NOx	  emissions	  
associated	  with	  oil	  and	  gas	  production	  in	  Uintah	  County,	  1.7	  times	  greater	  than	  the	  NOx	  emissions	  for	  
Duchesne	  County	  (5352	  tons	  per	  year).	  	  While	  measured	  NOx	  concentrations	  aren’t	  controlled	  solely	  by	  
emission	  rates,	  and	  while	  the	  sites	  chosen	  may	  not	  provide	  ideal	  representation	  of	  oil	  and	  gas	  
production	  in	  the	  two	  counties,	  the	  ratio	  of	  inventoried	  NOx	  emissions	  in	  the	  two	  counties	  does	  appear	  
to	  match	  the	  measured	  NOx	  concentration	  ratio	  and	  suggests	  a	  first	  level	  of	  verification	  of	  existing	  
inventories.	  	  These	  data,	  however,	  cannot	  be	  used	  to	  verify	  the	  absolute	  magnitude	  of	  emissions	  
inventories	  (this	  can	  be	  best	  achieved	  by	  coupling	  inventories	  with	  3D	  photochemical	  models	  to	  
estimate	  ambient	  precursor	  concentrations).	  	  See	  Chapter	  4	  for	  a	  detailed	  discussion	  of	  emissions	  
sources	  in	  the	  Basin.	  


The	  spatial	  distribution	  of	  NOx	  in	  winter	  2012	  did	  not	  match	  the	  spatial	  distribution	  of	  ozone	  during	  
elevated	  ozone	  episodes	  in	  winter	  2011,	  during	  which	  the	  highest	  ozone	  concentrations	  were	  observed	  
in	  Pariette	  Draw	  and	  Ouray	  (Figure	  2-‐8).	  	  Additional	  measurements	  will	  be	  required	  to	  determine	  the	  
relationship	  between	  NOx	  and	  ozone	  spatial	  distributions	  during	  elevated	  ozone	  periods.	  


Volatile	  Organic	  Compounds	  
Figure	  2-‐12	  shows	  the	  average	  measured	  VOC	  concentrations	  around	  the	  Uintah	  Basin	  during	  February	  
2012,	  and	  Table	  2-‐4	  shows	  average	  concentrations	  of	  select	  VOC.	  	  Currently,	  no	  ambient	  environmental	  
standard	  for	  VOC	  ambient	  air	  concentrations	  exists	  against	  which	  to	  weigh	  these	  data;	  however,	  
concentrations	  of	  individual	  compounds	  reported	  in	  Table	  2-‐4	  are	  well	  below	  federal	  workplace	  
exposure	  standards.	  	  The	  highest	  benzene	  concentration,	  for	  example,	  measured	  0.1%	  of	  the	  
Occupational	  Safety	  and	  Health	  Administration	  (OSHA)	  Permissible	  Exposure	  Limit	  (PEL;	  based	  on	  an	  
eight-‐hour	  time-‐weighted	  average	  exposure;	  CDC,	  2013)	  and	  1.4%	  of	  the	  National	  Institute	  for	  
Occupational	  Safety	  and	  Health	  (NIOSH)	  Recommended	  Exposure	  Limit	  (REL;	  based	  on	  lifetime	  
occupational	  exposure;	  CDC,	  2013).	  	  The	  highest	  toluene	  and	  methylcyclohexane	  concentrations	  
measured	  were	  much	  less	  than	  0.1%	  of	  the	  PEL	  and	  REL	  for	  those	  compounds.	  


VOC	  concentrations	  were	  highest	  in	  the	  areas	  of	  oil	  and	  gas	  production	  and	  were	  relatively	  low	  in	  urban	  
areas.	  	  Average	  total	  VOC	  concentration	  for	  Horse	  Pool	  and	  Gas	  Field	  East,	  both	  in	  the	  oil	  and	  gas	  
production	  area	  of	  Uintah	  County,	  was	  48.8	  ppb	  (as	  propane),	  2.7	  times	  higher	  than	  the	  average	  total	  
VOC	  concentration	  at	  Wells	  Draw	  and	  Altamont	  (18.1	  ppb	  as	  propane),	  which	  are	  in	  oil	  and	  gas	  
production	  areas	  in	  Duchesne	  County.	  	  The	  WRAP	  III	  2012	  oil	  and	  gas	  emissions	  inventory	  predicts	  
46,637	  tons	  per	  year	  of	  VOC	  emissions	  associated	  with	  oil	  and	  gas	  production	  in	  Uintah	  County,	  2.4	  
times	  greater	  than	  Duchesne	  County	  (19,280	  tons	  per	  year).	  	  As	  mentioned	  above,	  while	  concentration	  
measurements	  are	  not	  controlled	  solely	  by	  emission	  rates,	  and	  while	  the	  sites	  chosen	  may	  not	  provide	  
ideal	  representation	  of	  oil	  and	  gas	  production	  in	  the	  two	  counties,	  the	  ratio	  of	  inventoried	  VOC	  
emissions	  in	  the	  two	  counties	  does	  appear	  to	  match	  the	  measured	  VOC	  concentration	  ratio	  reasonably	  
well,	  suggesting	  again	  a	  first	  level	  of	  verification	  of	  existing	  inventories.	  
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Figure	  2-‐12.	  	  Average	  VOC	  concentrations	  in	  the	  Uintah	  Basin,	  Feb.	  2012.	  	  Values	  shown	  are	  the	  sum	  of	  
VOC	  with	  6-‐11	  carbon	  atoms,	  in	  units	  of	  ppb	  as	  propane.	  
	  


Table	  2-‐4.	  	  Average	  concentrations	  of	  select	  VOC	  in	  the	  Uintah	  Basin,	  Feb.	  2012.	  	  Values	  are	  in	  ppb,	  
except	  the	  sum	  of	  VOC	  with	  6-‐11	  carbon	  atoms,	  which	  is	  in	  ppb	  as	  propane.	  	  “N.D.”	  signifies	  compounds	  
not	  detected	  at	  a	  site.	  
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Figure	  2-‐13	  shows	  that	  the	  sum	  of	  VOC	  with	  6-‐11	  carbons	  at	  the	  different	  sampling	  sites	  has	  a	  strong	  
correlation	  (R2	  =	  0.92)	  with	  the	  number	  of	  oil	  and	  gas	  wells	  within	  6	  km	  of	  a	  site.	  	  Summed	  VOC	  
concentrations	  were	  also	  shown	  to	  have	  a	  strong	  correlation	  with	  cumulative	  historical	  natural	  gas	  
production	  within	  6	  km	  (R2	  =	  0.84),	  but	  did	  not	  correlate	  well	  with	  cumulative	  historical	  oil	  production	  
(R2	  =	  0.01).	  	  	  


	  
Figure	  2-‐13.	  	  Average	  VOC	  concentration	  versus	  number	  of	  wells	  within	  6	  km	  of	  a	  site.	  


	  


As	  with	  NOx,	  the	  spatial	  distribution	  of	  VOC	  in	  winter	  2012	  did	  not	  match	  the	  spatial	  distribution	  of	  
ozone	  during	  elevated	  ozone	  episodes	  in	  winter	  2011.	  	  With	  the	  exception	  of	  Gas	  Field	  East,	  sites	  with	  
higher	  VOC	  did	  not	  tend	  to	  have	  higher	  NOx.	  	  Similar	  measurements	  during	  conditions	  with	  snow	  cover	  
and	  elevated	  ozone	  concentrations	  will	  be	  required	  to	  determine	  the	  relationship	  between	  ozone	  and	  
precursor	  spatial	  distributions	  during	  periods	  with	  elevated	  ozone.	  


VOC	  speciation	  (i.e.,	  relative	  concentrations	  of	  individual	  VOC	  species)	  at	  sites	  in	  areas	  of	  concentrated	  
gas	  production	  (Gas	  Field	  East	  and	  Horse	  Pool)	  differed	  from	  the	  speciation	  at	  sites	  in	  an	  area	  of	  
concentrated	  oil	  production	  (Wells	  Draw).	  	  Figures	  2-‐14,	  2-‐15,	  and	  2-‐16	  show	  spatial	  distribution	  
throughout	  the	  Uintah	  Basin	  of	  toluene,	  heptane,	  and	  cyclohexane,	  respectively.	  	  Concentrations	  of	  
toluene	  and	  other	  aromatics	  were	  observed	  to	  be	  higher	  in	  gas-‐producing	  areas	  than	  in	  oil-‐producing	  
areas.	  	  Higher	  concentrations	  of	  cycloalkanes	  were	  observed	  in	  gas-‐producing	  areas,	  but	  the	  contrast	  
with	  oil	  producing	  areas	  was	  smaller	  than	  it	  was	  with	  toluene.	  	  Concentrations	  of	  heptane	  and	  other	  
straight-‐chain	  alkanes	  were	  similar	  in	  both	  areas.	  


The	  heptane:toluene	  ratio	  in	  VOC	  samples	  across	  the	  Basin	  was	  strongly	  correlated	  with	  the	  number	  of	  
oil	  wells	  within	  6	  km	  (R2	  =	  0.85;	  Figure	  2-‐17),	  indicating	  that	  these	  trends	  in	  VOC	  speciation	  are	  
statistically	  meaningful.	  	  It	  may	  be	  possible	  to	  use	  the	  heptane:toluene	  ratio	  or	  other	  speciation	  ratios	  to	  
determine	  the	  relative	  influence	  of	  oil	  vs.	  gas	  production	  on	  ambient	  VOC	  concentrations	  in	  the	  Basin.	  
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Figure	  2-‐14.	  	  Average	  toluene	  concentrations	  in	  the	  Uintah	  Basin,	  Feb.	  2012.	  


	  


	  
Figure	  2-‐15.	  	  Average	  heptane	  concentrations	  in	  the	  Uintah	  Basin,	  Feb.	  2012.	  
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Figure	  2-‐16.	  	  Average	  cyclohexane	  concentrations	  in	  the	  Uintah	  Basin,	  Feb.	  2012.	  


	  


	  
Figure	  2-‐17.	  	  Ratio	  of	  heptane	  to	  toluene	  versus	  the	  number	  of	  oil	  wells	  within	  6	  km	  of	  a	  study	  site.	  


	  


Maximum	  Incremental	  Reactivity	  is	  a	  photochemical	  model-‐derived	  metric	  used	  to	  quantify	  the	  ability	  of	  
a	  given	  compound	  to	  produce	  ozone	  under	  a	  given	  set	  of	  conditions.	  	  Toluene	  has	  a	  maximum	  
incremental	  reactivity	  of	  4.00	  g	  g-‐1	  of	  ozone	  produced,	  compared	  to	  1.07	  g	  g-‐1	  for	  heptane	  (Carter,	  2009).	  	  
These	  data	  indicate	  that	  a	  given	  mass	  of	  toluene	  is	  able	  to	  produce	  more	  ozone	  than	  the	  same	  mass	  of	  
heptane.	  	  Though	  quantifying	  and	  identifying	  only	  a	  subset	  of	  VOC,	  2012	  passive	  measurements	  suggest	  
that	  gas-‐producing	  areas	  of	  the	  Uintah	  Basin	  could	  influence	  ozone	  production	  more	  than	  the	  oil-‐
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producing	  areas,	  if	  the	  total	  VOC	  concentrations	  are	  higher	  in	  gas-‐producing	  areas	  and	  the	  VOC	  mix	  
associated	  with	  gas	  production	  is	  more	  reactive.	  	  


Meteorology	  
Temperature	  measurements	  across	  the	  Uintah	  Basin	  confirm	  that	  inversion	  conditions	  conducive	  to	  
ozone	  formation	  were	  not	  present	  during	  winter	  2012.	  	  Figure	  2-‐18	  shows	  average	  temperatures	  were	  
highest	  in	  the	  lowest	  parts	  of	  the	  Basin	  during	  February	  2012,	  contrary	  to	  what	  is	  expected	  during	  
inversion	  conditions.	  
	  


	  
Figure	  2-‐18.	  	  Average	  temperature	  in	  the	  Uintah	  Basin,	  Feb.	  2012.	  


	  


Figure	  2-‐19	  shows	  average	  day	  and	  night	  wind	  vectors	  at	  14	  meteorological	  stations	  around	  the	  Uintah	  
Basin	  during	  February	  2012.	  	  Day	  and	  night	  mean	  wind	  directions	  are	  not	  consistent	  across	  the	  Basin,	  
even	  among	  some	  sites	  that	  are	  in	  relatively	  close	  proximity,	  and	  appear	  to	  be	  influenced	  by	  local	  
terrain.	  	  Many	  of	  the	  sites	  exhibit	  upslope/downslope	  flow	  that	  leads	  to	  near	  180°	  shifts	  in	  wind	  
direction	  from	  night	  to	  day.	  	  The	  complex	  topography	  of	  the	  Basin	  likely	  leads	  to	  complex	  surface	  flows	  
that	  transport	  ozone	  and	  its	  precursors	  around	  the	  Basin.	  	  This	  spatial	  heterogeneity	  may	  be	  magnified	  
during	  inversion	  conditions	  conducive	  to	  ozone	  formation	  since	  temperature	  inversions	  are	  typically	  
accompanied	  by	  light	  surface	  winds	  and	  variable	  wind	  directions.	  	  Surface	  winds	  were	  shown	  to	  be	  
disconnected	  from	  the	  organized	  regional	  flows	  during	  the	  2010-‐11	  study	  (Martin	  et	  al.,	  2011).	  	  	  


Due	  to	  the	  Basin’s	  complex	  topography	  and	  its	  influence	  on	  surface	  flow	  and	  accompanying	  pollutant	  
transport,	  it	  is	  critical	  that	  future	  modeling	  of	  ozone	  formation	  include	  high-‐resolution	  simulations	  of	  
topography	  and	  meteorology	  (e.g.,	  Billings	  et	  al.,	  2006).	  	  The	  network	  of	  meteorological	  stations	  used	  in	  
this	  work	  will	  inform	  and	  validate	  such	  an	  effort.	  
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Figure	  2-‐19.	  	  Mean	  day	  and	  night	  wind	  vectors	  at	  14	  meteorological	  stations	  in	  the	  Uintah	  Basin,	  Feb.	  
2012.	  	  The	  black	  arrows	  indicate	  monthly	  mean	  wind	  direction	  from	  13:00	  to	  15:00	  local	  time,	  and	  red	  
arrows	  indicated	  monthly	  mean	  wind	  direction	  from	  03:00	  to	  05:00	  local	  time.	  	  The	  size	  of	  the	  arrow	  is	  
proportional	  to	  the	  mean	  wind	  speed	  for	  each	  time	  period.	  
	  


Vertical	  Ozone	  and	  Meteorology	  
Midday	  vertical	  measurements	  at	  Red	  Wash	  in	  February	  2011	  showed	  strong	  temperature	  inversions	  
(i.e.,	  increase	  in	  temperature	  with	  height)	  and	  maximum	  ozone	  near	  the	  surface	  (Martin	  et	  al.,	  2011).	  	  In	  
contrast,	  measurements	  at	  Red	  Wash	  in	  February	  2012	  showed	  increasing	  ozone	  with	  increasing	  height	  
and	  no	  temperature	  inversion	  (Figure	  2-‐20).	  	  Without	  snow	  cover	  and	  accompanying	  inversions	  in	  2011-‐
12,	  ozone	  concentrations	  tended	  to	  stay	  low	  and	  were	  more	  uniform	  with	  height	  than	  during	  elevated	  
ozone	  episodes	  in	  February	  2011.	  	  	  


Early	  morning	  temperature	  inversions	  were	  observed	  consistently	  at	  all	  vertical	  profiling	  sites,	  and	  these	  
inversions	  commonly	  dissipated	  by	  early	  afternoon	  (e.g.,	  Figure	  2-‐21).	  	  As	  discussed	  in	  previous	  sections,	  
nighttime	  and	  morning	  ozone	  concentrations	  were	  lower	  at	  many	  sites	  around	  the	  Basin,	  likely	  due	  to	  
inverted	  nighttime	  conditions	  that	  had	  trapped	  air	  close	  to	  the	  surface	  and	  allowed	  ozone	  in	  that	  
surface	  layer	  to	  be	  depleted	  by	  chemical	  reactions	  and	  surface	  deposition.	  	  Figure	  2-‐22	  shows	  an	  
example	  of	  this	  behavior	  at	  Roosevelt	  on	  February	  15	  when	  ozone	  concentrations	  were	  lower	  near	  the	  
surface	  in	  the	  morning	  and	  increased	  to	  more	  closely	  match	  concentrations	  aloft	  as	  the	  depth	  of	  the	  
surface	  layer	  increased	  by	  midday	  and	  afternoon.	  
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Figure	  2-‐20.	  	  Comparison	  of	  vertical	  profiles	  of	  ozone	  and	  temperature	  at	  Red	  Wash	  from	  12:30	  to	  14:30	  
on	  24	  Feb.	  2011	  and	  21	  Feb.	  2012.	  	  For	  ozone,	  circles	  represent	  means	  for	  20	  m	  bins	  (i.e.,	  0-‐20	  m	  above	  
ground,	  20-‐40	  m	  above	  ground,	  etc.),	  and	  whiskers	  represent	  95%	  confidence	  intervals.	  	  For	  
temperature,	  lines	  represent	  the	  mean	  in	  20	  m	  bins.	  
	  


	  
Figure	  2-‐21.	  	  Morning	  and	  afternoon	  vertical	  temperature	  profiles	  at	  Roosevelt	  and	  Pariette	  Draw	  from	  
14-‐25	  Feb.	  2012	  in	  10	  m	  bins	  (i.e.,	  0-‐10	  m	  above	  ground,	  10-‐20	  m	  above	  ground,	  etc.).	  	  Circles	  represent	  
means	  for	  each	  bin,	  and	  whiskers	  represent	  95%	  confidence	  intervals.	  	  Measurements	  at	  other	  sites	  
(Red	  Wash,	  Ouray,	  and	  Wells	  Draw)	  showed	  similar	  diurnal	  patterns.	  
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Figure	  2-‐22.	  	  Time	  series	  of	  ozone	  vertical	  profiles	  at	  Roosevelt,	  15	  Feb.	  2012.	  


	  


SUMMARY	  
The	  most	  significant	  outcome	  of	  this	  work	  is	  the	  finding	  that	  ozone	  in	  the	  Uintah	  Basin	  is	  tightly	  coupled	  
with	  meteorology.	  	  In	  the	  absence	  of	  snow	  cover	  and	  multiday	  temperature	  inversions,	  ozone	  
concentrations	  stayed	  below	  EPA	  standards	  and	  were	  within	  the	  range	  of	  ozone	  concentrations	  
measured	  at	  remote	  sites	  around	  the	  western	  United	  States.	  	  This	  study	  also	  shows	  that	  precursor	  (i.e.,	  
NOx	  and	  VOC)	  concentrations	  are	  associated	  primarily	  with	  known	  emission	  sources	  of	  local	  origin	  and	  
that,	  irrespective	  of	  source	  origin,	  elevated	  ozone	  does	  not	  form	  in	  the	  absence	  of	  specific	  
meteorological	  conditions.	  


The	  complex	  and	  spatially	  varied	  topography	  of	  the	  Basin	  leads	  to	  strong	  spatial	  variability	  in	  surface	  
airflow	  patterns.	  	  NOx	  and	  VOC	  concentrations	  in	  the	  Basin	  are	  also	  spatially	  variable,	  with	  areas	  of	  
higher	  NOx	  concentrations	  distinct	  from	  areas	  of	  higher	  VOC	  concentrations	  (save	  for	  one	  area	  of	  
intense	  gas	  development	  in	  Uintah	  County).	  	  VOC	  speciation	  is	  also	  spatially	  variable,	  leading	  to	  spatial	  
variability	  in	  VOC	  reactivity	  (i.e.,	  the	  ability	  of	  VOC	  to	  produce	  ozone).	  	  Areas	  of	  highest	  observed	  NOx	  
and	  VOC	  in	  2012	  are	  not	  the	  same	  areas	  of	  highest	  NOx	  and	  VOC	  observed	  in	  2011.	  	  No	  areas	  with	  NOx	  
or	  VOC	  exceeding	  health	  standards	  were	  found	  during	  the	  2012	  study.	  	  


It	  is	  likely	  that	  the	  spatial	  relationships	  between	  precursor	  emission	  sources	  and	  meteorology	  (including	  
inversion	  characteristics	  and	  surface	  flow)	  control	  winter	  ozone	  formation	  in	  the	  Basin.	  	  Elucidating	  
these	  relationships,	  particularly	  how	  they	  work	  to	  produce	  winter	  ozone,	  will	  be	  critical	  to	  (1)	  
understanding	  the	  degree	  to	  which	  ozone	  precursors	  emitted	  in	  different	  areas	  contribute	  to	  ozone	  
formation	  and	  (2)	  developing	  cost-‐effective	  mitigation	  strategies,	  since	  not	  only	  specific	  source	  types	  
but	  also	  source	  locations	  and	  even	  heights	  may	  figure	  significantly.	  	  
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INTRODUCTION	  AND	  BACKGROUND	  
The	  UBOS	  2012	  Study	  included	  an	  extensive	  set	  of	  chemical	  and	  meteorological	  measurements	  at	  the	  
Horse	  Pool	  site.	  	  These	  experiments	  were	  assembled	  with	  the	  aim	  of	  understanding	  the	  chemistry	  
behind	  ozone	  production	  at	  the	  process	  level,	  measuring	  the	  chemical	  and	  physical	  properties	  of	  aerosol	  
particles	  and	  snow	  cover,	  and	  quantifying	  the	  vertical	  and	  horizontal	  distribution	  of	  winds	  and	  ozone	  at	  
this	  central	  site.	  	  These	  goals	  involved	  detailed	  measurements	  of	  all	  the	  chemical	  and	  physical	  
parameters	  that	  are	  either	  ingredients,	  radical	  sources,	  or	  co-‐factors	  in	  ozone	  photochemistry.	  	  The	  
2012	  data	  do	  not	  provide	  a	  definitive	  answer	  to	  what	  causes	  elevated	  ozone	  in	  the	  Uintah	  Basin;	  
however,	  much	  can	  be	  learned	  about	  sources	  and	  reactivity	  by	  looking	  at	  the	  absolute	  values	  of	  the	  
oxides	  of	  nitrogen	  (NOx)	  and	  volatile	  organic	  compounds	  (VOCs),	  and	  about	  possible	  radical	  sources	  by	  
comparing	  UBWOS	  2012	  to	  other	  sites	  at	  which	  similar	  measurements	  have	  been	  made.	  	  


Ozone	  is	  the	  only	  pollutant	  regulated	  by	  the	  Clean	  Air	  Act	  that	  does	  not	  come	  out	  of	  a	  tailpipe	  or	  smoke	  
stack:	  it	  is	  made	  in	  the	  atmosphere	  itself.	  	  Moreover,	  as	  a	  simple	  three-‐atom	  compound	  of	  oxygen,	  
measuring	  ozone	  by	  itself	  does	  not	  give	  many	  clues	  as	  to	  the	  source	  of	  the	  problem.	  	  As	  a	  result,	  
photochemical	  ozone	  pollution	  has	  been	  a	  persistent	  air	  quality	  problem	  in	  the	  U.S.	  and	  around	  the	  
World	  [National	  Research	  Council	  and	  Chemistry,	  1992].	  The	  production	  of	  ozone	  in	  the	  lower	  
atmosphere	  requires	  several	  key	  ingredients:	  VOCs	  to	  act	  as	  fuel	  in	  the	  photooxidation	  process,	  NOx	  (=	  
nitric	  oxide,	  NO,	  and	  nitrogen	  dioxide,	  NO2)	  to	  act	  as	  catalysts,	  and	  radicals,	  chiefly	  hydroxyl	  radicals,	  OH,	  
to	  initiate	  the	  chemistry.	  Detailed	  chemical	  measurements	  are	  required	  to	  understand	  what	  is	  
contributing	  to	  ozone	  formation	  in	  a	  given	  air	  basin.	  These	  measurements	  include	  both	  primary	  (emitted	  
from	  sources)	  and	  secondary	  (formed	  in	  the	  atmosphere)	  VOCs,	  NOx	  and	  the	  nitrogen-‐containing	  
compounds	  that	  are	  produced	  from	  it	  (odd-‐nitrogen,	  NOy),	  sources	  of	  both	  OH	  radicals	  and	  Cl	  atoms.	  	  


The	  timing	  and	  circumstances	  of	  high	  wintertime	  ozone	  in	  the	  Uintah	  Basin	  have	  prompted	  an	  
examination	  of	  factors	  that	  may	  contribute	  to	  this	  chemistry.	  Several	  elements	  of	  Study	  Component	  3	  
were	  included	  with	  this	  requirement	  in	  mind.	  Measurements	  of	  3-‐dimensional	  winds	  and	  3-‐D	  O3	  
distributions	  were	  conducted	  to	  define	  boundary	  layer	  structure.	  The	  analysis	  of	  aerosol	  particle	  
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physical	  and	  chemical	  properties	  was	  included	  to	  assess	  the	  role	  of	  particles	  in	  radical	  initiation.	  There	  
was	  also	  provision	  for	  chemical	  analysis	  of	  snow	  to	  explore	  possible	  radical	  sources	  arising	  from	  snow	  
photochemistry.	  


This	  chapter	  describes	  the	  measurement	  techniques	  deployed	  during	  the	  intensive	  experiment	  at	  Horse	  
Pool	  and	  summarizes	  the	  results	  of	  that	  work.	  The	  aspects	  of	  the	  results	  that	  bear	  on	  the	  summary	  of	  
preliminary	  results	  will	  be	  noted.	  In	  addition,	  aspects	  of	  the	  findings	  that	  give	  guidance	  on	  how	  future	  
projects	  should	  be	  conducted	  will	  also	  be	  discussed.	  


	  


SITE	  DESCRIPTION	  AND	  DETAILS	  OF	  MEASUREMENT	  TECHNIQUES	  
The	  intensive	  measurement	  site	  was	  established	  at	  40.1437	  N	  lat,	  109.4672	  W	  long,	  at	  the	  same	  well	  
pad	  that	  was	  designated	  ‘Horse	  Pool’	  in	  the	  2011	  Uintah	  Basin	  Study.	  A	  satellite	  photo	  of	  the	  location	  
and	  surroundings	  of	  the	  Horse	  Pool	  intensive	  site	  are	  shown	  in	  Figure	  3-‐1,	  along	  with	  a	  diagram	  of	  the	  
instrument	  trailers	  and	  sampling	  towers.	  The	  site	  consisted	  of	  6	  trailers,	  a	  recreational	  vehicle,	  one	  tent,	  
and	  an	  instrument	  enclosure	  that	  was	  placed	  half	  way	  up	  the	  sampling	  tower.	  These	  are	  shown	  in	  a	  
photograph	  of	  the	  site	  looking	  from	  south	  to	  north,	  Figure	  3-‐2.	  Four	  of	  the	  trailers	  were	  clustered	  
around	  the	  sampling	  tower,	  which	  consisted	  of	  a	  20m	  walk	  up	  scaffold	  with	  a	  side	  platform	  at	  10m.	  The	  
measurement	  period	  ran	  from	  00:00:00	  on	  January	  15,	  2012	  until	  February	  29,	  2012.	  Many	  instruments	  
were	  run	  for	  this	  entire	  period,	  but	  some	  covered	  a	  shorter	  time	  period.	  Tables	  3-‐1	  through	  3-‐3	  below	  
list	  and	  detail	  each	  set	  of	  measurements	  that	  were	  part	  of	  Study	  Component	  3.	  


Table	  3-‐1.	  	  Gas	  Phase	  Measurements.	  


Parameter(s)	   Method	  
Detection	  
Limit	  


Time	  
Resolution	   Organization	  


NO/NO2/NOy	   Chemiluminescence	  w/	  selective	  conversion	   0.01-‐0.1	  ppbv	   1	  sec-‐1	  min	   NOAA/CSD	  


O3	  in	  situ	   UV	  Absorption	   2	  ppbv	   1	  min	   NOAA/CSD	  


O3	  Lidar	   UV	  Absorption	   	   	   NOAA/CSD	  


NO/NO2/NO3/N2O5/O3	   Cavity	  ring-‐down	  spectroscopy	   1-‐100	  pptv	   1	  sec	   NOAA/CSD	  


Acyl	  peroxynitrates	  
Nitryl	  Chloride	  (ClNO2)	  


Iodide	  ion	  chemical	  ionization	  mass	  
spectrometry	  


5-‐25	  pptv	   1-‐5	  sec	   NOAA/CSD	  
U.	  Wash.	  


Acyl	  peroxynitrates	   Gas	  chromatography	   10	  pptv	   5	  min	   NOAA/CSD	  


Carbon	  monoxide	   Vacuum	  UV	  fluorescence	   2	  ppbv	   1	  min	   NOAA/CSD	  


Methane,	  carbon	  dioxide	   Cavity	  ring-‐down	  spectroscopy	   N/A	   1	  min	   NOAA/CSD	  


Sulfur	  Dioxide	   UV	  fluorescence	   0.1	  ppbv	   1	  min	   NOAA/CSD	  


VOCs:	  alkanes,	  alkenes,	  
aromatics,	  aldehydes,	  
ketones,	  alkyl	  nitrates	  


In	  situ	  gas	  chromatography/mass	  spectrometry	   10	  pptv	   30	  min	   NOAA/CSD	  


Formaldehyde,	  OVOCs,	  
Aromatics,	  acetonitrile	  


Proton-‐transfer	  reaction	  mass	  spectrometry	   10	  pptv	   10	  sec-‐1	  min	   NOAA/CSD	  


Acids	   Negative	  ion	  proton	  transfer	  mass	  
spectrometry	  


10	  pptv	   1-‐10	  sec	   NOAA/CSD	  


HONO,	  NO2,	  NO3,	  O3	   Differential	  optical	  absorption	  spectroscopy	   0.03-‐1.5	  ppbv	   	   UCLA	  


NO2,	  SPN,	  SAN	   Thermal	  dissociation	  laser-‐induced	  
fluorescence	  


24-‐34	  	  pptv	   1	  sec-‐1min	   UC	  Berkeley	  
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Table	  3-‐2.	  	  Aerosol	  Particle	  Phase	  Measurements.	  


Parameter(s)	   Method	  
Time	  


Resolution	   Organization	  


Organic	  carbon/	  
Elemental	  carbon	  


Filter/denuder	  sampling,	  thermal/optical	  analyzer	   5	  –	  12	  hrs	   NOAA/PMEL	  


Cations/anions	   Impactor	  sampling/ion	  chromatography	   5	  –	  12	  hrs	   NOAA/PMEL	  


Cations/anions	   Particle-‐into-‐liquid-‐sampler/ion	  chromatography	   30	  min	   NOAA/PMEL	  


Gravimetric	  mass	   Cascade	  impactor/microbalance	   5	  –	  12	  hrs	   NOAA/PMEL	  


Trace	  elements	   Cascade	  impactor/x-‐ray	  emission	  spectrometry	   5	  –	  12	  hrs	   NOAA/PMEL	  


Condensation	  Nuclei	   Condensation	  nuclei	  counter	   	   NOAA/PMEL	  


Light	  scattering	  and	  
absorption	  


Nephelometer,	  absorption	  photometer	   	   NOAA/PMEL	  


Aerosol	  number	  size	  
distribution	  


Scanning	  mobility	  particle	  sizer,	  aerodynamic	  particle	  sizer	   5	  min	   NOAA/PMEL	  


Aerosol	  Backscatter	   Lidar	   	   NOAA/CSD	  


Ammonium,	  nitrate,	  
sulfate,	  total	  organics	  


Aerosol	  Mass	  Spectrometry	   5	  min	   U	  of	  WY	  


SAN	  in	  particles	   Thermal	  dissociation	  laser-‐induced	  fluorescence	   	   UC	  Berkeley	  
	  


	  


Table	  3-‐3.	  	  Study	  Component	  3:	  Meteorological/Physical	  Measurements.	  


Parameter(s)	   Method	  
Time	  


Resolution	   Organization	  


T,	  RH,	  Wind	  speed	  and	  direction	  at	  19.5m	  and	  
13.5m	  on	  the	  walk-‐up	  tower	  


Standard	  commercial	  sensors,	  
sonic	  anemometry	  at	  13.5m	  


1	  sec	  –	  1	  
min	  


NOAA/CSD	  


Photolysis	  rates	  of	  NO2,	  NO3,	  and	  O3	  =>	  O
1D	   Filter	  radiometry	   1	  min	   NOAA/cSD	  


Surface	  pressure,	  T,	  R.H.	  at	  2,	  10,	  and	  20m	   Commercial	  sensors	   	   NOAA/PSD	  


Wind	  speed	  and	  direction	  10,	  20m	   Commercial	  sensors	   	   NOAA/PSD	  


Fast	  winds,	  temperature	   Sonic	  anemometry	   	   NOAA/PSD	  


Solar	  and	  IR	  irradiance	   Eppley	  radiometers	   	   NOAA/PSD	  


Boundary	  layer	  winds	   Acoustic	  sounder	   	   NOAA/PSD	  


Rain	   Tipping	  bucket	  rain	  gauge	   N/A	   NOAA/PSD	  


Snow	  depth	   Commercial	  sensor	   N/A	   NOAA/PSD	  


3-‐Dimensional	  winds	   High-‐resolution	  Doppler	  Lidar	   20	  min	   NOAA/CSD	  
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Figure	  3-‐1.	  	  Satellite	  photo	  of	  the	  Horse	  Pool	  site	  and	  surroundings.	  


	  


	  
Figure	  3-‐2.	  	  Photo	  of	  the	  Horse	  Pool	  site	  looking	  north.	  
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Priority	  Pollutants	  -‐	  NO,	  NO2,	  NOy,	  O3,	  SO2,	  CO,	  local	  meteorological	  data	  
All	  measurements	  (except	  NOy)	  were	  made	  through	  a	  common	  sampling	  manifold	  by	  instruments	  
housed	  in	  a	  mobile	  field	  laboratory	  (modified	  shipping	  container).	  	  Complete	  descriptions	  of	  all	  the	  
following	  measurements	  are	  available	  from	  [E	  J	  Williams	  et	  al.,	  2009]	  and	  [Lerner	  et	  al.,	  2009].	  	  To	  avoid	  
the	  ingestion	  of	  precipitation	  into	  the	  sampling	  manifold,	  a	  two-‐fold	  strategy	  was	  employed:	  	  (1)	  the	  
inlet	  of	  a	  heated	  (30°C)	  14-‐m	  perfluoralkoxy	  (PFA)	  polymer	  tube	  (9.5mm	  ID)	  was	  mounted	  
approximately	  10-‐m	  high	  on	  the	  walk-‐up	  tower,	  with	  the	  inlet	  tip	  inside	  an	  inverted	  funnel,	  and	  (2)	  a	  
virtual	  impactor	  was	  placed	  just	  downstream	  of	  the	  inlet	  tip	  in	  a	  heated	  plastic	  box	  mounted	  at	  the	  top	  
of	  the	  mast.	  	  This	  impactor	  is	  simply	  a	  coaxial	  pair	  of	  PFA	  tubes,	  with	  a	  sidearm	  sample	  flow	  of	  ~60	  
standard	  liters	  per	  minute	  (slpm)	  out	  of	  a	  total	  inlet	  flow	  of	  ~180	  slpm.	  	  Assuming	  a	  fully	  turbulent	  flow	  
through	  the	  impactor,	  particles	  greater	  than	  ~5-‐8	  μm	  are	  excluded	  from	  the	  sample	  stream	  at	  these	  
nominal	  flow	  rates,	  with	  a	  total	  residence	  time	  of	  less	  than	  1	  s	  for	  the	  sample	  manifold.	  


Ozone	  (O3)	  was	  measured	  by	  UV-‐absorbance	  (TEII	  model	  49c),	  with	  an	  accuracy	  of	  ±	  2%	  and	  a	  precision	  
of	  ±	  1	  ppbv	  for	  an	  integrated	  1-‐minute	  sample.	  	  The	  field	  UV-‐absorbance	  instrument	  was	  calibrated	  
against	  a	  lab	  reference	  UV-‐absorbance	  instrument	  (TEII	  model	  49i-‐PS)	  before	  and	  after	  the	  study.	  	  
Carbon	  monoxide	  (CO)	  was	  measured	  by	  a	  commercial	  vacuum-‐UV	  resonance	  fluorescence	  instrument	  
(AeroLaser	  model	  5002)	  with	  an	  accuracy	  of	  ±	  4%	  and	  a	  precision	  of	  ±	  0.5	  ppbv.	  	  The	  sample	  stream	  used	  
by	  the	  CO	  instrument	  passed	  through	  a	  Nafion	  dryer	  (PermaPure	  model	  PD-‐50T)	  before	  analysis,	  which	  
reduces	  the	  water	  vapor	  mixing	  ratio	  in	  the	  sample	  stream	  to	  below	  0.5	  parts	  per	  thousand	  (ppth),	  and	  
analyte	  mixing	  ratios	  are	  reported	  as	  measured	  (i.e.,	  in	  dried	  air).	  	  Sulfur	  dioxide	  (SO2)	  was	  measured	  
with	  a	  commercial	  pulsed	  fluorescence	  instrument	  (TEII	  model	  43s).	  	  Sample	  throughput	  was	  increased	  
with	  the	  use	  of	  a	  large	  vacuum	  pump.	  	  Accuracy	  is	  estimated	  at	  ±5%	  and	  precision	  estimated	  to	  be	  ±0.15	  
ppbv.	  	  	  Carbon	  dioxide	  and	  water	  vapor	  were	  determined	  with	  a	  commercial	  non-‐dispersive	  infra-‐red	  
instrument	  (LiCor	  model	  7000)	  with	  accuracy	  estimated	  at	  ±2%	  and	  precision	  estimated	  at	  ±0.07	  ppmv	  
for	  CO2	  and	  ±1%	  and	  ±0.1	  ppth,	  respectively,	  for	  H2O.	  	  	  


Measurement	  of	  NOx	  (NOx=NO+NO2)	  was	  performed	  with	  a	  pair	  of	  matched	  O3-‐NO	  chemiluminescence	  
detectors,	  one	  that	  continuously	  determined	  NO	  and	  another	  that	  continuously	  measured	  ambient	  NO	  
plus	  a	  fraction	  of	  ambient	  NO2	  that	  had	  been	  converted	  to	  NO	  by	  a	  photolytic	  converter.	  	  Total	  
uncertainty	  (random	  plus	  systematic	  errors)	  for	  NO	  is	  estimated	  at	  4%	  with	  a	  detection	  limit	  (one	  
minute	  average)	  of	  6	  pptv.	  	  Total	  uncertainty	  for	  NO2	  is	  estimated	  at	  less	  than	  7%	  with	  a	  detection	  limit	  
(one	  minute	  average)	  of	  15	  pptv.	  


Measurements	  of	  NOy	  were	  made	  at	  15.5	  magl	  by	  conversion	  of	  the	  NOy	  species	  on	  a	  heated	  (325°C)	  
gold	  tube	  using	  H2	  as	  the	  reducing	  agent.	  	  Resulting	  NO	  was	  determined	  with	  an	  O3-‐NO	  
chemiluminescence	  instrument.	  	  Calibration	  with	  NO	  and	  NO2	  standard	  gases	  occurred	  every	  5	  hours,	  
and	  the	  instrument	  background	  was	  checked	  hourly.	  	  Conversion	  of	  PAN	  was	  checked	  via	  addition	  of	  the	  
standard	  gas	  into	  the	  inlet	  system.	  	  Checks	  for	  interference	  by	  acetonitrile	  were	  conducted	  similarly.	  	  
Conversion	  of	  NO2	  and	  PAN	  was	  generally	  >90%.	  	  Uncertainty	  is	  estimated	  at	  ±(15%	  +	  0.10)	  ppbv.	  


Photolysis	  rates	  for	  NO2,	  NO3	  and	  O3	  (O1D	  channel)	  were	  measured	  by	  commercially	  available	  (Metcon,	  
Inc.)	  filter	  radiometers	  that	  were	  mounted	  on	  a	  separate	  tower	  (~10	  magl)	  located	  ~15	  meters	  south	  of	  
the	  walk-‐up	  tower.	  	  The	  instruments	  use	  a	  combination	  of	  optical	  band	  pass	  filters	  to	  match	  the	  target	  
molecule	  action	  spectrum	  (product	  of	  absorption	  spectrum	  and	  quantum	  yield)	  and	  photodiodes	  or	  
photomultiplier	  tubes	  to	  measure	  the	  transmitted	  intensity,	  which	  ideally	  is	  directly	  proportional	  to	  the	  
photolysis	  rate.	  	  Pairs	  of	  instruments	  were	  used	  to	  measure	  both	  down-‐welling	  and	  up-‐welling	  radiation	  
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to	  acquire	  the	  full	  4-‐pi-‐steradian	  photolysis	  rate	  for	  each	  molecule.	  	  Total	  uncertainties	  for	  1-‐min	  
averaged	  data	  are:	  jNO2:	  +/-‐	  15%;	  jNO3:	  +/-‐	  15%;	  jO[1D]:	  +/-‐	  25%.	  	  Photolysis	  rates	  were	  measured	  
continuously	  at	  1	  Hz	  until	  22	  February	  2012,	  when	  a	  strong	  wind	  gust	  toppled	  the	  tower	  holding	  the	  
instruments,	  which	  did	  not	  survive	  the	  fall.	  


Standard	  meterological	  data	  were	  collected	  at	  two	  heights	  on	  the	  walk-‐up	  tower.	  	  Temperature	  and	  
relative	  humidity	  (Vaisala,	  model	  HMP45AC)	  and	  wind	  direction	  and	  speed	  (RM	  Young,	  model	  05103)	  
were	  measured	  at	  the	  tower	  top	  (19.2	  magl).	  	  Temperature	  and	  relative	  humidity	  (Vaisala	  model	  
HMP45AC),	  pressure	  (Vaisala	  model	  PTB101B),	  and	  wind	  direction	  and	  speed	  (RM	  Young,	  3-‐dimensional	  
sonic	  anemometer,	  model	  81000)	  were	  measured	  at	  about	  13.5	  magl).	  


Volatile	  Organic	  Compounds,	  Methane,	  and	  Carbon	  Dioxide	  


VOCs	  by	  GC/MS	  
A	  total	  of	  65	  volatile	  organic	  compounds	  (VOCs)	  were	  measured	  in-‐situ	  by	  a	  research-‐quality,	  
two-‐channel,	  gas	  chromatograph-‐mass	  spectrometer	  (GC-‐MS).	  	  A	  detailed	  description	  of	  the	  
instrument	  is	  described	  by	  [Gilman	  et	  al.,	  2010]	  and	  [Goldan	  et	  al.,	  2004].	  	  A	  brief	  overview	  is	  
provided	  here.	  


The	  inlet	  for	  the	  GC-‐MS	  consisted	  of	  a	  50	  m	  unheated	  Teflon	  line	  (0.25	  inch	  o.d.	  standard	  wall),	  
which	  was	  positioned	  on	  the	  southwest	  corner	  of	  the	  tower	  approximately	  20	  m	  above	  ground	  
level.	  	  Ambient	  air	  was	  pulled	  continuously	  at	  a	  rate	  of	  approximately	  7	  L	  min-‐1	  through	  the	  inlet	  
line	  resulting	  in	  an	  inlet	  residence	  time	  of	  less	  than	  5	  s.	  	  From	  this	  high-‐flow	  sample	  stream,	  two	  
separate	  ambient	  air	  samples	  were	  collected	  simultaneously	  at	  a	  flow	  rate	  of	  70	  mL	  min-‐1	  for	  a	  
total	  of	  5	  min	  via	  cryogenic	  trapping.	  	  The	  two	  sample	  channels	  have	  slightly	  different	  
configurations	  designed	  to	  reduce	  water	  and	  carbon	  dioxide	  and	  remove	  O3	  from	  the	  sample	  
stream	  prior	  to	  trapping	  at	  liquid	  nitrogen	  temperatures.	  


After	  the	  5	  min	  sample	  acquisition	  period,	  the	  two	  samples	  collected	  in	  parallel	  are	  then	  
analyzed	  sequentially	  by	  holding	  each	  sample	  in	  separate	  cryofocus	  units	  until	  it	  is	  time	  for	  
analysis.	  	  The	  analysis	  sequence	  begins	  by	  flash	  heating	  the	  cryofocus	  unit	  on	  channel	  one	  (CH1)	  
from	  -‐165°C	  to	  100°C	  in	  0.2	  s	  injecting	  the	  sample	  onto	  the	  CH1	  column.	  	  Channel	  one	  utilizes	  18	  
m	  Al2O3/KCl	  PLOT	  column	  that	  is	  ramped	  from	  55°C	  to	  150°C	  in	  3.5	  min	  in	  order	  to	  separate	  the	  
C2-‐C5	  hydrocarbons.	  	  The	  eluent	  is	  analyzed	  by	  a	  linear	  quadrupole	  mass	  spectrometer	  (Agilent	  
5973)	  operating	  in	  selected	  ion	  mode	  in	  order	  to	  increase	  the	  signal	  to	  noise	  ratio.	  	  	  


Once	  the	  analysis	  of	  CH1	  is	  complete,	  the	  cryofocus	  unit	  on	  CH2	  is	  flash	  heated	  and	  a	  4-‐way	  
pneumatic	  valve	  (Valco	  Instruments	  Co.	  Inc.,	  Houston,	  TX)	  located	  upstream	  of	  the	  mass	  
spectrometer	  switches	  so	  that	  the	  sample	  eluting	  from	  the	  CH2	  column	  is	  directed	  to	  the	  MS.	  	  
Channel	  two	  utilizes	  a	  semi-‐polar	  20	  m	  DB-‐624	  capillary	  column	  that	  is	  ramped	  from	  38°C	  to	  
130°C	  in	  11	  min	  in	  order	  to	  separate	  the	  C5-‐C11	  hydrocarbons,	  oxygen-‐,	  nitrogen-‐,	  and	  other	  
halogen-‐containing	  VOCs.	  	  	  


The	  entire	  sample	  collection	  (5	  min)	  and	  analysis	  sequence	  (25	  min)	  repeats	  automatically	  every	  
30	  min	  beginning	  on	  the	  hour	  and	  half-‐hour.	  The	  limit	  of	  detection,	  precision,	  and	  accuracy	  are	  
compound	  dependent,	  but	  are	  commonly	  better	  than	  0.010	  ppbv,	  15%,	  and	  25%,	  respectively.	  
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VOCs	  by	  PTR-‐MS	  
During	  E&E-‐UBWOS	  2012	  two	  PTR-‐MS	  instruments	  (proton-‐transfer-‐reaction	  mass	  
spectrometers)	  were	  deployed	  at	  the	  Horse	  Pool	  Intensive	  ground	  site	  for	  fast	  time	  response	  
measurements	  of	  VOCs	  (Volatile	  Organic	  Compounds).	  The	  Chemical	  Sciences	  Division	  (CSD)	  of	  
NOAA	  operated	  one	  instrument	  and	  the	  Karlsruhe	  Institute	  of	  Technology	  (KIT)	  the	  other	  one.	  
The	  CSD	  instrument	  used	  in	  this	  study	  was	  described	  in	  detail	  by	  de	  Gouw	  and	  Warneke	  [J	  de	  
Gouw	  and	  Warneke,	  2007]	  and	  was	  used	  in	  similar	  configurations	  in	  multiple	  aircraft	  and	  ground	  
based	  experiments.	  The	  KIT	  instrument	  was	  recently	  developed	  with	  the	  focus	  on	  optimizing	  the	  
instrument	  for	  weight	  and	  it	  was	  deployed	  during	  E&E-‐UBWOS	  2012	  for	  the	  first	  time	  in	  the	  
field.	  


In	  PTR-‐MS,	  H3O+	  is	  produced	  in	  a	  hollow	  cathode	  ion	  source	  and	  allowed	  to	  react	  with	  VOCs	  that	  
have	  a	  higher	  proton	  affinity	  (PA)	  than	  H2O	  in	  a	  reaction	  chamber.	  The	  resulting	  VOC•H+	  ions	  are	  
detected	  together	  with	  the	  primary	  ions	  using	  a	  quadrupole	  mass	  spectrometer.	  The	  
compounds	  that	  can	  be	  detected	  at	  a	  high	  sensitivity	  are	  oxygenates,	  aromatics,	  nitriles,	  alkenes	  
and	  others	  like	  dimethyl	  sulfide.	  Alkanes	  are	  generally	  not	  detected	  or	  only	  at	  a	  very	  low	  
sensitivity	  and	  selectivity.	  In	  PTR-‐MS	  only	  the	  mass	  of	  a	  compound	  is	  detected	  and	  for	  
compounds	  with	  the	  same	  mass,	  such	  as	  the	  isomers	  of	  xylenes,	  only	  the	  sum	  of	  these	  
compounds	  can	  be	  determined.	  


During	  E&E-‐UBWOS	  2012	  we	  used	  the	  KIT	  PTR-‐MS	  for	  parts	  of	  the	  study	  to	  measure	  full	  mass	  
spectra	  to	  determine	  which	  masses	  show	  the	  largest	  signals,	  and	  the	  CSD	  PTR-‐MS	  to	  monitor	  
the	  most	  important	  compounds	  at	  a	  higher	  time	  resolution	  and	  sensitivity.	  During	  another	  part	  
of	  the	  study	  we	  sampled	  the	  two	  instruments	  from	  different	  heights	  of	  the	  tower	  to	  determine	  
gradients	  in	  the	  mixing	  ratios.	  


Methane	  and	  Carbon	  Dioxide	  
CO2	  and	  CH4	  were	  measured	  and	  reported	  as	  dry	  air	  mole	  fractions	  at	  the	  Horse	  Pool	  ground	  site	  
outside	  Vernal,	  Utah,	  using	  a	  commercial	  wavelength-‐scanned	  cavity	  ring-‐down	  analyzer	  
(Picarro	  1301-‐m)	  [Crosson,	  2008].	  	  Two	  CO2	  and	  CH4	  calibration	  gas	  standards	  known	  to	  within	  
±0.07	  ppmv	  and	  ±1	  ppbv,	  respectively,	  were	  regularly	  delivered	  to	  the	  inlet	  line	  to	  evaluate	  
instrument	  sensitivity	  between	  380	  and	  485	  ppmv	  CO2	  and	  1790	  and	  2500	  ppbv	  CH4.	  	  These	  
secondary	  standards	  were	  calibrated	  in	  the	  Boulder	  laboratories	  before	  and	  after	  the	  field	  
project	  using	  primary	  CO2	  and	  CH4	  standard	  tanks	  tied	  to	  the	  WMO	  standard	  from	  the	  Global	  
Monitoring	  Division	  (GMD)	  at	  the	  NOAA	  Earth	  System	  Research	  Laboratory	  [Dlugokencky	  et	  al.,	  
2005;	  Zhao	  and	  Tans,	  2006].	  	  Ambient	  water	  vapor	  corrections	  were	  made	  to	  calibration	  and	  
ambient	  data	  using	  the	  built-‐in	  Picarro	  correction	  for	  CO2	  [Crosson,	  2008]	  and	  following	  the	  
work	  of	  [Chen	  et	  al.,	  2010]	  for	  CH4;	  the	  uncertainty	  of	  these	  corrections	  is	  estimated	  at	  less	  than	  
0.05	  ppmv	  and	  0.5	  ppbv,	  respectively,	  for	  the	  conditions	  encountered	  in	  Utah.	  	  	  


For	  the	  Horse	  Pool	  data	  set,	  we	  estimate	  a	  total	  inaccuracy	  of	  ±0.11	  ppmv	  for	  all	  CO2	  
measurements,	  and	  ±1.6	  ppbv	  for	  CH4	  measurements	  between	  1790	  and	  2500	  ppbv.	  	  One-‐
minute	  imprecision	  of	  the	  CO2	  and	  CH4	  measurements	  were	  ±0.02	  ppmv	  and	  ±0.2	  ppbv,	  
respectively.	  	  After	  the	  field	  campaign,	  an	  additional	  GMD	  primary	  CH4	  gas	  standard	  of	  5752.4	  
ppbv	  was	  used	  to	  evaluate	  CH4	  measurement	  accuracy	  at	  mixing	  ratios	  higher	  than	  the	  
calibration	  range.	  	  From	  this,	  we	  estimate	  a	  total	  uncertainty	  of	  ±(0.2	  ppbv	  +	  0.5%	  of	  the	  
reported	  CH4	  value)	  for	  CH4	  mixing	  ratios	  greater	  than	  2500	  ppbv.	  
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Acid	  Species	  by	  Chemical	  Ionization	  Mass	  Spectrometry	  (Acid	  CIMS)	  
The	  measurement	  of	  atmospherically	  relevant	  inorganic	  and	  organic	  acids	  was	  accomplished	  by	  
negative	  ion	  proton	  transfer	  chemical	  ionization	  mass	  spectrometry	  (NI-‐PT-‐CIMS),	  using	  acetate	  as	  the	  
reagent	  ion.	  This	  method	  was	  developed	  by	  the	  NOAA/ESRL	  Chemical	  Sciences	  Division	  and	  is	  described	  
in	  several	  publications	  from	  that	  laboratory	  [Roberts	  et	  al.,	  2010;	  Veres	  et	  al.,	  2008].	  The	  NI-‐PT-‐CIMS	  
method	  relies	  on	  the	  fact	  that	  acetic	  acid	  is	  the	  weakest	  gas-‐phase	  acid	  amongst	  the	  compounds	  that	  we	  
typically	  think	  of	  as	  acids.	  As	  a	  result,	  acetate	  ion	  will	  exchange	  a	  proton	  with	  a	  large	  range	  of	  organic	  
and	  inorganic	  acids,	  forming	  the	  corresponding	  anion,	  which	  is	  then	  detected	  by	  mass	  spectrometry.	  	  


Many	  acids	  are	  semi-‐volatile	  and	  soluble	  in	  water	  and,	  hence,	  can	  be	  quite	  absorptive	  on	  surfaces.	  The	  
Acid	  CIMS	  was	  placed	  in	  the	  instrument	  enclosure	  at	  the	  10m	  height	  on	  the	  tower	  in	  order	  to	  minimize	  
the	  inlet	  length	  for	  the	  stickiest	  acids	  HNO3,	  and	  HCl.	  The	  inlet	  consisted	  of	  a	  1	  m	  1/8”	  OD	  PFA	  tube,	  
thermostated	  at	  65°C,	  through	  which	  a	  flow	  of	  1.3	  SLPM	  was	  pulled.	  The	  remainder	  of	  the	  inlet	  system	  -‐	  
valves	  for	  zeros	  and	  calibrations,	  flow	  limiting	  orifice,	  ion	  flow	  tube	  -‐	  was	  temperature	  controlled	  at	  
65°C.	  Zero	  (instrument	  background)	  determinations	  were	  done	  every	  3	  hours	  for	  a	  period	  of	  10	  min	  by	  
either	  switching	  a	  sodium	  carbonate	  denuder	  in	  line	  with	  the	  sample	  flow,	  or	  by	  overflowing	  the	  inlet	  
with	  Zero	  Air.	  	  Calibrations	  were	  performed	  every	  6	  hrs	  by	  addition	  of	  a	  known	  amount	  of	  formic	  acid.	  
Other	  gases	  were	  calibrated	  using	  relative	  response	  factors	  determined	  in	  the	  laboratory.	  Inlet	  effects	  
are	  known	  to	  produce	  a	  slight	  interference	  in	  the	  HONO	  signal	  from	  NO2	  in	  the	  presence	  of	  humidity.	  
Those	  effects,	  on	  the	  order	  of	  a	  few	  percent	  NO2,	  were	  corrected	  using	  laboratory-‐determined	  
responses.	  The	  uncertainties	  in	  acid	  measurements	  were	  ±(15%	  +	  20	  pptv)	  for	  formic	  acid,	  ±(20%	  +	  25	  
pptv)	  for	  HONO	  and	  HNO3,	  ±(20%	  +	  10	  pptv)	  for	  HNCO,	  and	  the	  sum	  of	  butyric	  and	  pyruvic	  acids.	  	  


Acyl	  Peroxynitrates	  and	  Nitryl	  Chloride	  
Acyl	  peroxynitrates	  (RC(O)OONO2)	  were	  measured	  by	  both	  chemical	  ionization	  mass	  spectrometry	  
(CIMS)[Slusher	  et	  al.,	  2004]	  and	  gas	  chromatography	  with	  electron	  capture	  detection	  GC/ECD[Flocke	  et	  
al.,	  2005;	  J	  Williams	  et	  al.,	  2000].	  The	  CIMS	  instrument	  also	  measured	  nitryl	  chloride,	  ClNO2,	  an	  active	  
chlorine	  compound	  that	  is	  a	  product	  of	  N2O5	  reaction	  with	  chloride-‐containing	  particles	  [Osthoff	  et	  al.,	  
2008].	  	  GC	  inlet	  flow	  was	  tapped	  off	  of	  the	  main	  manifold	  flow	  used	  for	  the	  CO/CO2/SO2/O3	  instruments	  
described	  above.	  The	  inlet	  for	  the	  CIMS	  instrument	  consisted	  of	  3/8”	  O.D.	  PFA	  tubing	  as	  was	  place	  at	  
approximately	  11	  m	  off	  the	  ground	  at	  the	  southern	  side	  of	  the	  sampling	  tower,	  right	  next	  to	  the	  VOC	  
inlets	  (see	  below).	  Several	  modifications	  were	  made	  to	  minimize	  artifact	  formation	  due	  to	  N2O5	  reacting	  
with	  chloride	  deposited	  on	  the	  inside	  of	  the	  inlet	  from	  particles	  and	  dust;	  the	  main	  inlet	  was	  flushed	  
with	  distilled	  water	  at	  least	  once	  every	  2	  days,	  and	  a	  30cm	  length	  of	  ¼	  O.D.	  stainless	  steel	  tube	  was	  
place	  at	  the	  front	  of	  the	  PFA	  inlet	  and	  heated	  to	  66°C.	  The	  heated	  inlet	  dissociated	  approximately	  90%	  
of	  the	  ambient	  N2O5,	  and	  the	  steel	  surface	  provided	  a	  sink	  for	  NO3	  radicals	  to	  prevent	  reformation.	  	  	  


The	  zero	  determinations	  for	  both	  systems	  were	  done	  the	  same	  way,	  by	  thermal	  decomposition	  of	  the	  
sample	  air	  just	  previous	  to	  it	  entering	  the	  instrument.	  Calibrations	  of	  the	  acetyl	  peroxynitrates	  (PAN)	  
signals	  were	  done	  in	  the	  field	  using	  acetone/NO	  photolysis	  sources	  described	  by	  Flocke	  et	  al.[Flocke	  et	  
al.,	  2005],	  and	  Zheng	  et	  al[Zheng	  et	  al.,	  2011].	  The	  PAN	  GC	  photosource	  used	  regular	  acetone,	  while	  the	  
PAN	  CIMS	  used	  triply	  13C-‐labelled	  acetone	  (99%+),	  which	  permitted	  the	  system	  sensitivity	  to	  be	  
measured	  continuously,	  thus	  accounting	  for	  any	  short-‐term	  changes	  due	  to	  high	  ambient	  NO	  or	  NO2.	  
The	  photosource	  efficiencies	  have	  been	  determined	  in	  the	  laboratory	  to	  be	  93±6%,	  and	  measurements	  
in	  the	  field	  during	  UBWOS	  2012	  were	  consistent	  with	  those	  results.	  The	  relative	  response	  of	  the	  systems	  
to	  other	  PAN	  compounds,	  propionyl	  peroxynitrate	  (PPN)	  in	  this	  study,	  have	  been	  previously	  determined	  
in	  the	  laboratory	  and	  found	  to	  be	  quite	  stable	  over	  time	  and	  a	  range	  of	  conditions,	  so	  those	  relative	  
response	  factors	  are	  used	  here.	  The	  ClNO2	  zeroes	  were	  accomplished	  in	  the	  same	  way;	  however,	  ClNO2	  
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is	  only	  95%	  decomposed	  at	  the	  temperature	  and	  residence	  time	  used	  (225°C).	  Nitryl	  chloride	  
calibrations	  were	  accomplished	  by	  quantitative	  conversion	  of	  a	  known	  amount	  of	  N2O5	  on	  a	  deliquesced	  
NaCl	  slurry,	  the	  N2O5	  being	  measured	  by	  the	  ARNOLD	  CaRDS	  system	  described	  below.	  The	  overall	  
uncertainties	  of	  these	  measurements	  were	  ±(15%	  +	  5	  pptv)	  for	  PAN,	  ±(20%	  +	  5pptv)	  for	  PPN,	  and	  ±(20%	  
+	  25pptv)	  for	  ClNO2.	  


Cavity	  Rind-‐down	  Measurements	  of	  NO,	  NO2,	  NO3,	  N2O5,	  and	  O3	  
The	  nighttime	  nitrogen	  oxides,	  NO3	  and	  N2O5,	  are	  measured	  using	  a	  custom-‐built	  cavity	  ring	  down	  
spectrometer	  (CRDS)[Brown,	  2003;	  Busch	  et	  al.,	  1999].	  	  The	  nitrate	  radical,	  NO3,	  has	  characteristic	  
strong	  absorption	  bands	  in	  the	  red	  end	  of	  the	  visible	  spectrum	  with	  a	  maximum	  at	  662	  nm	  [Baynard	  et	  
al.,	  2007;	  Yokelson	  et	  al.,	  1997].	  	  The	  CRDS	  measures	  NO3	  directly	  by	  total	  gas-‐phase	  optical	  extinction	  at	  
this	  wavelength	  [Brown	  et	  al.,	  2001;	  Brown	  et	  al.,	  2002].	  The	  air	  sample	  is	  filtered	  to	  remove	  aerosol	  
particles,	  which	  can	  lead	  to	  a	  large	  and	  variable	  optical	  extinction	  in	  the	  visible	  that	  significantly	  
degrades	  instrument	  performance	  for	  gas	  phase	  measurements	  [Baynard	  et	  al.,	  2007;	  Pettersson	  et	  al.,	  
2004].	  The	  25	  µm	  thick	  Teflon	  membrane	  filters	  are	  changed	  every	  1-‐3	  hours	  using	  an	  automated	  device	  
[Dube	  et	  al.,	  2006].	  	  Loss	  of	  reactive	  trace	  gases	  on	  the	  filter	  surface	  is	  calibrated	  as	  described	  below.	  


The	  optical	  system	  consists	  of	  a	  temperature-‐tunable	  diode	  laser	  with	  100	  mW	  output	  that	  is	  aligned	  to	  
the	  axis	  of	  a	  93-‐cm	  stable	  optical	  resonator	  formed	  from	  two	  highly	  reflective	  (R	  >	  99.9995%)	  reflective	  
mirrors	  with	  1	  m	  radius	  of	  curvature	  [Wagner	  et	  al.,	  2011].	  	  Light	  transmitted	  through	  the	  cavity	  is	  
collected	  on	  an	  optical	  fiber	  and	  measured	  on	  a	  photomultiplier	  tube	  (PMT).	  	  The	  laser	  is	  tuned	  to	  the	  
NO3	  maximum	  and	  square-‐wave	  amplitude	  modulated	  at	  a	  frequency	  of	  500	  Hz.	  	  The	  transient	  signal	  
following	  the	  falling	  edge	  of	  the	  square	  wave	  is	  digitized	  and	  fit	  to	  a	  single	  exponential	  using	  custom	  
software	  to	  determine	  the	  ring	  down	  time	  constant,	  τ,	  for	  decay	  of	  light	  from	  the	  optical	  cavity.	  


	  


	   𝐼 𝑡 = 𝐼! 𝑒𝑥𝑝 − 𝑡 𝜏 	   (1)	  


	  


The	  time	  constant	  at	  662	  nm	  varies	  between	  350	  –	  500	  µs	  depending	  on	  the	  operating	  pressure,	  for	  an	  
effective	  optical	  path	  length	  of	  100	  –	  150	  km.	  	  The	  zero	  time	  constant	  in	  the	  absence	  of	  NO3	  (τ0)	  is	  
acquired	  by	  adding	  sufficient	  NO	  to	  the	  inlet	  to	  chemically	  titrate	  NO3.	  


	  


	   NO	  	  +	  	  NO3	  	  →	  	  2NO2	  	  	   (R1)	  


	  


Reaction	  (R1)	  is	  extremely	  rapid	  (k	  =	  2.6×10-‐11	  cm3	  molecule-‐1	  s-‐1	  at	  298	  K	  [Sander	  et	  al.,	  2006]).	  	  The	  
concentration	  of	  NO3	  is	  then	  determined	  absolutely	  from	  the	  two	  time	  constants	  using	  the	  standard	  
equation	  for	  CRDS.	  


	  


	   𝑁𝑂! = !!
!"


!
!
− !


!!
	   	   	   	   	   	   	   	  	  	  	  	  	  	  	  	  	  (2)	  


	  


Here,	  σ	  is	  the	  662	  nm	  absorption	  cross	  section	  of	  NO3,	  c	  is	  the	  speed	  of	  light,	  and	  RL	  is	  the	  ratio	  of	  the	  
cavity	  length	  to	  the	  length	  over	  which	  the	  sample	  gas	  is	  present	  (1.21	  in	  this	  instrument).	  	  The	  
combination	  of	  662	  nm	  absorption	  and	  titration	  by	  NO	  is	  an	  extremely	  specific	  and	  sensitive	  method	  for	  
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detection	  of	  NO3	  [Dube	  et	  al.,	  2006].	  	  The	  sum	  of	  NO3	  and	  N2O5	  is	  measured	  simultaneously	  in	  a	  second	  
channel	  with	  a	  heated	  inlet	  and	  optical	  cavity	  to	  quantitatively	  convert	  N2O5	  into	  NO3	  by	  thermal	  
dissociation.	  	  A	  small	  correction	  factor	  (typically	  <	  5%)	  is	  applied	  only	  at	  high	  NOx	  (NO2	  >	  20	  ppbv)	  to	  
account	  for	  incomplete	  conversion	  of	  N2O5	  at	  the	  instrument	  operating	  temperature.	  	  The	  instrument	  
sensitivity	  to	  NO3	  and	  N2O5	  is	  0.2	  –	  3	  pptv,	  (2σ,	  1s)	  depending	  on	  instrument	  operating	  conditions	  [Dube	  
et	  al.,	  2006;	  Wagner	  et	  al.,	  2011].	  


The	  instrument	  simultaneously	  measures	  the	  concentration	  of	  NO2	  in	  a	  separate	  optical	  cavity	  at	  405	  
nm,	  where	  NO2	  has	  its	  strongest	  visible	  absorption	  bands	  [Vandaele	  et	  al.,	  2002].	  	  The	  detection	  
principle	  is	  the	  same,	  except	  that	  the	  mirror	  reflectivity	  at	  405	  nm	  is	  99.9965	  %	  and	  the	  laser	  modulation	  
frequency	  is	  more	  rapid	  (2	  kHz)	  to	  compensate	  for	  the	  shorter	  (35-‐45µs)	  ring-‐down	  time	  constants.	  	  The	  
instrument	  is	  zeroed	  by	  addition	  of	  either	  zero	  air	  from	  a	  cylinder	  or	  ambient	  air	  that	  has	  been	  scrubbed	  
of	  NO2	  to	  the	  inlet.	  	  The	  sensitivity	  to	  NO2	  is	  20-‐50	  pptv	  (2σ,	  1s)	  [Fuchs	  et	  al.,	  2009;	  Wagner	  et	  al.,	  2011].	  	  
The	  instrument	  also	  measures	  total	  NOx	  (=NO	  +	  NO2)	  and	  total	  Ox	  (=O3+NO2)	  simultaneously	  on	  two	  
additional	  channels.	  	  In	  one	  channel,	  excess	  O3,	  generated	  in	  a	  small	  flow	  of	  O2	  over	  a	  mercury	  pen-‐ray	  
lamp,	  is	  added	  to	  convert	  NO	  into	  NO2	  [Fuchs	  et	  al.,	  2009].	  


	  


	   NO	  	  +	  	  O3	  	  →	  	  NO2	  	  +	  	  O2	  	  	   (R2)	  


	  


The	  conversion	  is	  quantitative	  with	  addition	  of	  approximately	  15-‐20	  parts	  per	  million	  (ppm)	  O3	  to	  a	  
converter	  with	  a	  0.5	  s	  residence	  time,	  but	  the	  measured	  NOx	  concentration	  must	  be	  corrected	  (<2%)	  for	  
the	  slow	  additional	  conversion	  of	  NO2	  to	  NO3	  and	  N2O5	  in	  excess	  ozone.	  	  In	  the	  second	  channel,	  excess	  
NO	  is	  added	  from	  a	  cylinder	  to	  measure	  Ox	  by	  quantitative	  conversion	  of	  O3	  to	  NO2	  by	  the	  same	  reaction	  
[Washenfelder	  et	  al.,	  2011].	  	  This	  channel	  does	  not	  require	  a	  correction	  factor	  since	  NO2	  does	  not	  
undergo	  further	  oxidation	  in	  excess	  NO.	  	  The	  concentrations	  of	  NO	  and	  O3	  can	  then	  be	  determined	  by	  
differencing	  each	  of	  these	  channels	  against	  the	  NO2	  channel.	  	  The	  sensitivity	  for	  NO	  and	  O3	  is	  ≤100	  pptv	  
(2σ,	  1s)	  [Wagner	  et	  al.,	  2011;	  Washenfelder	  et	  al.,	  2011].	  


The	  NO2	  channels	  are	  calibrated	  via	  addition	  of	  a	  known	  concentration	  of	  NO2,	  generated	  from	  
measurement	  and	  conversion	  of	  a	  known	  concentration	  of	  O3,	  to	  the	  inlet.	  	  The	  O3	  is	  generated	  and	  
measured	  using	  a	  commercial	  ozone	  monitoring	  instrument	  and	  converted	  using	  the	  same	  chemistry	  
described	  above.	  	  The	  resulting	  accuracy	  is	  ±3%	  for	  NO2	  and	  ±5%	  for	  NO	  and	  O3	  [Wagner	  et	  al.,	  2011;	  
Washenfelder	  et	  al.,	  2011].	  	  The	  NO3	  and	  N2O5	  channels	  are	  calibrated	  by	  addition	  of	  N2O5	  to	  the	  inlet	  
from	  the	  vapor	  over	  a	  synthetic	  crystalline	  N2O5	  sample	  stored	  on	  dry	  ice.	  	  The	  N2O5	  (or	  NO3	  via	  thermal	  
conversion)	  from	  this	  sample	  is	  measured	  at	  662	  nm,	  and	  the	  gas-‐phase	  sample	  is	  then	  quantitatively	  
converted	  to	  NO2	  and	  measured	  on	  the	  405	  nm	  CRDS	  instrument.	  	  The	  accuracies	  for	  the	  NO3	  and	  N2O5	  
measurements	  are	  ±12	  and	  ±11%,	  respectively	  [Fuchs	  et	  al.,	  2008].	  	  The	  calibration	  procedure	  accounts	  
for	  loss	  of	  these	  reactive	  trace	  gases	  on	  the	  inlet	  tubing	  and	  filter	  surfaces.	  	  All	  five	  trace	  gases	  (NO,	  NO2,	  
O3,	  NO3,	  N2O5)	  are	  thus	  ultimately	  calibrated	  against	  the	  same	  standard,	  which	  is	  the	  254	  nm	  UV	  
absorption	  of	  O3	  from	  the	  commercial	  O3	  monitoring	  instrument	  (2%	  accuracy)	  [Wagner	  et	  al.,	  2011].	  


Aerosol	  Measurements	  –	  NOAA/PMEL	  


Sampling	  
Aerosol	  particles	  were	  sampled	  12.6	  m	  above	  the	  ground	  through	  a	  mast	  that	  extended	  9.1	  m	  
above	  the	  aerosol	  measurement	  container.	  The	  mast	  was	  capped	  with	  an	  inverted-‐bowl	  rain	  
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shield.	  Air	  was	  drawn	  down	  the	  20	  cm	  diameter	  mast	  at	  1	  m3	  min-‐1.	  A	  5	  cm	  diameter	  2.3	  m	  long	  
stainless-‐steel	  pipe	  extended	  into	  the	  base	  of	  the	  mast.	  The	  pipe	  was	  heated	  to	  9.75	  ±	  0.68°C	  to	  
dry	  the	  aerosol	  to	  a	  relative	  humidity	  (RH)	  of	  <25%.	  At	  the	  base	  of	  the	  mast,	  the	  flow	  through	  
the	  stainless	  steel	  pipe	  was	  split	  into	  four	  1.6	  cm	  diameter	  stainless-‐steel	  tubes	  that	  were	  
attached	  to	  four	  2-‐stage	  multi-‐jet	  cascade	  impactors.	  	  A	  flow	  of	  20	  l	  min-‐1	  provided	  50%	  
aerodynamic	  cutoff	  diameters,	  D50,aero,	  at	  2.5	  and	  12.5	  um.	  	  	  One	  impactor	  (PM	  2.5	  only)	  was	  
used	  for	  organic	  and	  elemental	  carbon	  analysis.	  	  The	  second	  impactor	  was	  used	  for	  anion	  and	  
cation	  analysis.	  	  The	  third	  impactor	  was	  used	  for	  gravimetric	  and	  trace	  element	  (XRF)	  analysis.	  	  
The	  fourth	  impactor	  was	  used	  to	  provide	  a	  PM	  2.5	  size	  cut	  for	  the	  particle-‐into-‐liquid	  sampler	  
(PILS),	  the	  nephelometer,	  and	  the	  Particle	  Soot	  Absorption	  Photometer	  (PSAP).	  	  An	  additional	  
0.63	  cm	  port	  in	  the	  flow	  splitter	  was	  used	  to	  provide	  aerosol	  to	  a	  Scanning	  Mobility	  Particle	  Sizer	  
(SMPS),	  an	  Aerodynamic	  Particle	  Sizer	  (APS),	  and	  a	  water-‐based	  condensation	  nucleus	  (CN)	  
counter.	  	  Impactor	  sampling	  times	  ranged	  from	  5	  to	  12	  hours.	  	  Generally	  one	  sample	  was	  
collected	  during	  the	  day	  and	  one	  sample	  was	  collected	  between	  sunset	  and	  sunrise.	  	  The	  
average	  temperature	  and	  RH	  in	  the	  sample	  line	  measured	  downstream	  of	  an	  impactor	  was	  24.3	  
±	  1.9°C	  and	  10.3	  ±	  3.9%,	  respectively.	  


OC/EC	  
A	  charcoal	  denuder	  was	  deployed	  upstream	  to	  the	  impactor	  used	  for	  organic	  carbon	  (OC)	  and	  
elemental	  carbon	  (EC)	  sampling	  to	  remove	  gas	  phase	  organic	  species.	  The	  32	  cm	  long	  diffusion	  
denuder	  contained	  16	  parallel	  strips	  (30	  faces)	  of	  20.3	  cm	  x	  3	  cm	  carbon-‐impregnated	  glass	  fiber	  
(CIG)	  filters	  (Whatman-‐10320163)	  separated	  by	  ~1.6	  mm.	  The	  denuder	  cross-‐sectional	  area	  was	  
7.45	  cm2.	  	  Two	  47mm	  quartz	  fiber	  filters	  (Pall	  Gelman	  Sciences,	  #7202,	  9.62	  cm2	  effective	  
sample	  area)	  were	  used	  in	  series	  downstream	  of	  the	  2.5	  um	  impaction	  stage.	  The	  downstream	  
filter	  was	  used	  as	  the	  sample	  blank.	  	  The	  analysis	  of	  the	  filter	  samples	  was	  done	  using	  a	  Sunset	  
Laboratory	  thermal/optical	  analyzer	  (Bates	  et	  al.,	  2008).	  	  


Cations	  &	  Anions	  (impactor	  sampling)	  
One	  two-‐stage	  multi-‐jet	  cascade	  impactor	  was	  used	  to	  determine	  the	  sub	  2.5	  um	  and	  2.5-‐12.5	  
um	  diameter	  concentrations	  of	  Cl-‐,	  Br-‐,	  NO3


-‐,	  SO4
=,	  oxalate	  (Ox-‐),	  Na+,	  NH4


+,	  K+,	  Mg+2,	  and	  Ca+2.	  
The	  impaction	  stage	  at	  the	  inlet	  of	  the	  impactor	  was	  coated	  with	  silicone	  grease	  to	  prevent	  the	  
bounce	  of	  larger	  particles	  onto	  the	  downstream	  stages.	  Tedlar	  films	  were	  used	  as	  the	  collection	  
substrate	  in	  the	  impaction	  stage	  and	  a	  Millipore	  Fluoropore	  filter	  (1.0-‐um	  pore	  size)	  was	  used	  
for	  the	  backup	  filter.	  The	  extracts	  were	  analyzed	  by	  ion	  chromatography	  [Quinn	  et	  al.,	  2000].	  
NH4NO3	  is	  volatile	  and	  is	  not	  efficiently	  collected	  on	  filters	  in	  an	  impactor.	  	  The	  NO3


-‐	  and	  NH4+	  
concentrations	  reported	  here	  include	  the	  NO3


-‐	  and	  NH4
+	  concentrations	  measured	  in	  the	  PILS	  


samples	  averaged	  over	  the	  impactor	  sampling	  times.	  	  	  


Cations	  &	  Anions	  (PILS	  sampling)	  
	  A	  particle-‐into-‐liquid	  sampler	  (PILS)	  [Orsini	  et	  al.,	  2003;	  Weber	  et	  al.,	  2001]and	  fraction	  collector	  
were	  used	  to	  collect	  PM	  2.5	  aerosols	  for	  cation	  and	  anion	  analysis.	  	  Fifteen	  l	  min-‐1	  of	  sample	  flow	  
were	  taken	  downstream	  of	  one	  of	  the	  two-‐stage	  impactors	  and	  routed	  through	  two	  URG	  
denuders.	  	  One	  denuder	  was	  coated	  with	  sodium	  carbonate	  for	  the	  removal	  of	  gas	  phase	  acids	  
and	  the	  other	  with	  citric	  acid	  to	  remove	  gas	  phase	  bases.	  	  The	  flow	  then	  entered	  the	  PILS	  to	  
concentrate	  the	  aerosols	  particles.	  	  The	  impaction	  rinse	  flow	  was	  adjusted	  to	  obtain	  one	  sample	  
vial	  (0.75	  ml)	  every	  30	  minutes.	  	  The	  extracts	  were	  analyzed	  by	  ion	  chromatography	  [Quinn	  et	  
al.,	  2000].	  
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Gravimetric	  Mass	  and	  Trace	  Elements	  
One	  two-‐stage	  multi-‐jet	  cascade	  impactor	  was	  used	  to	  determine	  the	  sub	  2.5	  um	  and	  2.5-‐12.5	  
um	  diameter	  gravimetric	  aerosol	  mass.	  	  The	  data	  are	  reported	  as	  PM	  2.5	  and	  PM	  12.5	  (sum	  of	  
the	  two	  weights).	  Tedlar	  films	  and	  Teflo	  filters	  were	  used	  in	  the	  impactor.	  	  Films	  and	  filters	  were	  
weighed	  at	  PMEL	  with	  a	  Cahn	  Model	  29	  and	  Mettler	  UMT2	  microbalance,	  respectively.	  The	  
balances	  are	  housed	  in	  a	  glove	  box	  kept	  at	  a	  humidity	  of	  65	  ±	  4%.	  The	  resulting	  mass	  
concentrations	  from	  the	  gravimetric	  analysis	  include	  the	  water	  mass	  that	  is	  associated	  with	  the	  
aerosol	  at	  65%	  RH.	  More	  details	  of	  the	  weighing	  procedure	  can	  be	  found	  in	  Quinn	  and	  Coffman	  
[Quinn	  and	  Coffman,	  1998].	  After	  post-‐experiment	  weighing,	  the	  Teflo	  filter	  was	  used	  to	  
determine	  the	  PM	  2.5	  mass	  of	  Al,	  Si,	  Ca,	  Ti,	  and	  Fe	  using	  thin-‐film	  x-‐ray	  primary	  and	  secondary	  
emission	  spectrometry.	  


Condensation	  Nuclei	  (CN)	  
Total	  particle	  number	  concentration	  (CN)	  was	  measured	  with	  a	  water	  based	  CN	  counter	  (TSI	  
3785).	  	  This	  instrument	  counts	  all	  particles	  with	  diameters	  greater	  than	  5	  nm.	  	  


Aerosol	  In-‐situ	  Light	  Scattering	  and	  Absorption	  
A	  TSI	  integrating	  nephelometer	  (Model	  3563)	  was	  used	  to	  measure	  integrated	  total	  aerosol	  light	  
scattering	  at	  wavelengths	  of	  450,	  550,	  and	  700nm.	  	  A	  Radiance	  Research	  Particle	  Soot	  
Absorption	  Photometers	  were	  used	  to	  measure	  aerosol	  light	  absorption	  at	  467,	  530,	  and	  
660nm.	  	  Both	  instruments	  were	  downstream	  of	  a	  two-‐stage	  impactor	  that	  provided	  a	  2.5	  um	  
diameter	  size	  cut.	  	  	  	  


Aerosol	  Number	  Size	  Distribution	  
The	  aerosol	  number	  size	  distribution	  was	  measured	  with	  a	  Scanning	  Mobility	  Particle	  Sizer	  
(SMPS,	  TSI	  3080	  coupled	  to	  a	  TSI	  3010	  CN	  counter)	  and	  an	  Aerodynamic	  Particle	  Sizer	  (APS,	  TSI	  
3321).	  	  The	  SMPS	  was	  operated	  with	  a	  sheath	  air	  flow	  of	  5	  L/min	  and	  a	  sample	  flow	  of	  1	  L/min.	  	  
The	  instrument	  counted	  particles	  between	  20	  and	  500	  nm	  geometric	  diameter.	  	  	  The	  APS	  was	  
located	  directly	  below	  the	  mast.	  	  The	  inlet	  to	  the	  APS	  was	  vertical	  and	  its	  sample	  withdrawn	  
isokinetically	  from	  the	  larger	  flow	  to	  the	  SMPS.	  	  The	  APS	  data	  were	  collected	  in	  34	  size	  bins	  with	  
aerodynamic	  diameters	  ranging	  from	  0.7	  to	  10.37	  µm.	  Number	  size	  distributions	  were	  collected	  
every	  5	  minutes.	  Further	  details	  can	  be	  found	  at	  http://saga.pmel.noaa.gov/data/.	  	  Contact	  
persons:	  Tim	  Bates,	  tim.bates@noaa.gov;	  Trish	  Quinn,	  patricia.k.quinn@noaa.gov.	  


CSD	  Lidars	  	  
NOAA/ESRL/CSD	  deployed	  two	  of	  its	  lidar	  remote	  sensing	  instruments	  to	  the	  2012	  Uintah	  Basin	  
Wintertime	  Ozone	  Study	  (UBWOS):	  the	  High	  Resolution	  Doppler	  Lidar	  (HRDL)	  and	  the	  Tunable	  Optical	  
Profiler	  for	  Aerosol	  and	  oZone	  (TOPAZ)	  ozone	  lidar.	  Both	  instruments	  were	  situated	  at	  the	  Horse	  Pool	  
Supersite.	  


The	  HRDL	  wind	  lidar	  was	  operated	  nearly	  continuously	  from	  23	  January	  until	  1	  March	  2012	  with	  only	  a	  
few	  hours	  of	  downtime	  on	  two	  of	  the	  39	  days	  of	  measurements.	  Every	  20	  minutes,	  HRDL	  provided	  
profiles	  of	  horizontal	  wind	  speed	  and	  direction,	  vertical	  wind	  speed	  and	  its	  variance,	  and	  un-‐calibrated	  
aerosol	  backscatter.	  In	  this	  real	  time	  mode,	  the	  horizontal	  wind	  speed	  and	  direction	  profiles	  extend	  from	  
about	  10	  m	  above	  ground	  level	  (AGL)	  to	  generally	  between	  1	  and	  2	  km	  AGL	  at	  a	  vertical	  resolution	  of	  10	  
to	  25	  m	  with	  the	  highest	  resolution	  near	  the	  ground.	  The	  vertical	  velocity	  and	  backscatter	  profiles	  cover	  
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altitudes	  from	  250	  m	  to	  about	  3	  km	  AGL	  with	  a	  30-‐m	  vertical	  resolution.	  Preliminary	  HRDL	  data	  were	  
posted	  in	  near	  real	  time	  (about	  10	  minutes	  after	  they	  were	  recorded)	  on	  a	  web	  site	  
(http://www.esrl.noaa.gov/csd/groups/csd3/measurements/ubwos/hrdl/),	  where	  they	  were	  available	  
for	  other	  study	  participant	  for	  use	  in	  the	  interpretation	  of	  their	  data	  and	  for	  planning	  the	  
NOAA/ESRL/GMD-‐led	  flight	  operations	  at	  UBWOS	  2012.	  	  In	  post	  analysis,	  vertically	  scanning	  data	  are	  
used	  to	  estimate	  vertical	  profiles	  of	  horizontal	  wind	  speed	  and	  direction	  along	  with	  its	  variance	  and	  un-‐
calibrated	  aerosol	  backscatter	  every	  twenty	  minutes	  to	  within	  5	  meters	  of	  the	  surface	  and	  with	  5	  meter	  
vertical	  resolution.	  


The	  TOPAZ	  ozone	  lidar	  was	  operated	  on	  14	  days	  from	  3	  February	  to	  29	  February	  2012,	  and	  it	  recorded	  
62	  hours	  of	  ozone	  and	  aerosol	  backscatter	  profile	  data.	  	  In	  the	  absence	  of	  any	  high	  ozone	  events,	  our	  
sampling	  strategy	  consisted	  of	  operating	  TOPAZ	  for	  several	  hours	  at	  a	  time	  and	  covering	  different	  
segments	  of	  the	  diurnal	  cycle	  on	  different	  days.	  Prior	  to	  the	  UBWOS	  2012,	  TOPAZ	  was	  converted	  from	  a	  
downward-‐looking	  airborne	  system	  into	  a	  zenith-‐pointing	  instrument	  that	  was	  installed	  in	  a	  truck	  with	  a	  
roof-‐mounted	  two-‐axis	  scanner.	  The	  scanner	  permits	  pointing	  the	  laser	  beam	  at	  several	  shallow	  
elevation	  angles	  at	  a	  fixed	  but	  changeable	  azimuth	  angle.	  Zenith	  operation	  is	  achieved	  by	  moving	  the	  
scanner	  mirror	  out	  of	  the	  laser	  beam	  path.	  During	  UBWOS	  2012,	  repeated	  scans	  at	  2,	  10,	  and	  90	  degrees	  
elevation	  angle	  were	  performed	  approximately	  every	  5	  minutes.	  The	  dwell	  time	  at	  each	  angle	  was	  75	  s.	  
The	  ozone	  and	  aerosol	  backscatter	  profiles	  at	  these	  three	  angles	  were	  spliced	  together	  to	  create	  
composite	  vertical	  profiles	  extending	  from	  15	  m	  to	  about	  3	  km	  AGL.	  The	  effective	  vertical	  resolution	  of	  
the	  composite	  ozone	  profiles	  increases	  with	  altitude	  from	  3	  to	  90	  m.	  Occasional	  horizontal	  
measurements	  were	  made	  to	  study	  the	  horizontal	  variability	  of	  ozone	  and	  aerosols.	  In	  addition,	  several	  
comparisons	  were	  performed	  with	  NOAA/ESRL/GMD	  tethered	  and	  free-‐flying	  ozone	  sondes.	  Preliminary	  
TOPAZ	  ozone	  and	  aerosol	  data	  will	  be	  posted	  at	  
(http://www.esrl.noaa.gov/csd/groups/csd3/measurements/ubwos/topaz/).	  


Meteorological	  Measurements	  	  
The	  NOAA/ESRL	  Physical	  Sciences	  Division	  deployed	  an	  instrumented	  20	  m	  tower,	  ventilated	  broadband	  
solar	  and	  IR	  Eppley	  radiometers,	  heated	  tipping	  bucket	  rain	  gage,	  snow	  depth	  sensor,	  and	  a	  bistatic	  
acoustic	  sounder	  (3.4	  m	  resolution,	  6.0	  m	  minimum	  range)	  at	  a	  site	  adjacent	  to	  the	  main	  Horse	  Pool	  site	  
(see	  Figure	  3-‐1).	  The	  tower	  instrumentation	  included	  surface	  pressure,	  air	  temperature	  and	  relative	  
humidity	  (2,	  10,	  and	  20	  m),	  fast	  response	  sonic	  anemometer/thermometer	  (6,16	  m),	  wind	  speed	  and	  
direction	  (10,	  20	  m).	  


Differential	  Optical	  Absorption	  Spectroscopy	  (DOAS)	  	  


UCLA’s	  Long	  Path	  Differential	  Optical	  Absorption	  Spectrometer	  (LP-‐DOAS)	  measured	  vertical	  profiles	  of	  
various	  trace	  gases	  at	  the	  Horse	  Pool	  site	  from	  January	  22	  to	  February	  28,	  2012.	  The	  LP-‐DOAS	  system	  
consisted	  of	  a	  telescope	  that	  collimated	  and	  sent	  light	  from	  a	  Xe	  arc	  lamp	  onto	  a	  retroreflector	  array.	  
The	  array	  folded	  back	  the	  light	  into	  the	  telescope,	  where	  it	  was	  fed	  through	  a	  fiber	  and	  into	  a	  
spectrometer-‐detector	  system.	  The	  telescope	  was	  aimed	  consecutively	  at	  three	  retroreflector	  arrays	  
(Figure	  3-‐3)	  located	  at	  three	  different	  altitudes	  (1600,	  1613,	  and	  1637	  m	  above	  sea	  level)	  and	  about	  2.3	  
km	  northwest	  of	  the	  telescope	  (Figure	  3-‐4).	  	  
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Figure	  3-‐3.	  	  Side	  view	  of	  LP-‐DOAS	  system	  set	  up	  at	  the	  Horse	  Pool	  site.	  


	  


	  
Figure	  3-‐4.	  	  Top	  view	  of	  LP	  DOAS	  system.	  
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The	  LP-‐DOAS	  instrument	  measured	  sequentially	  in	  two	  different	  wavelength	  ranges:	  300-‐380	  nm	  (for	  
retrieval	  of	  O3,	  SO2,	  NO2,	  HONO	  and	  HCHO),	  and	  600-‐680	  nm	  (for	  retrieval	  of	  NO3)	  on	  all	  three	  light	  
paths.	  For	  each	  wavelength	  range,	  information	  of	  the	  respective	  trace	  gases	  was	  recorded	  
simultaneously.	  	  


Analysis	  of	  the	  atmospheric	  absorption	  spectra	  was	  achieved	  using	  a	  combination	  of	  a	  linear	  and	  non-‐
linear	  least	  squares	  fit	  of	  the	  known	  trace	  gas	  absorption	  features	  [Platt	  and	  Stutz,	  2008].	  Spectral	  
absorption	  structures	  were	  incorporated	  in	  the	  fitting	  procedure	  using	  the	  literature	  absorption	  cross	  
sections	  of	  O3	  [Serdyuchenko	  et	  al.,	  2011],	  NO2	  [Voigt	  et	  al.,	  2002],	  HONO	  [Stutz	  et	  al.,	  2000],	  HCHO	  
[HITRAN,	  2008],	  SO2	  [Vandaele	  et	  al.,	  1994].	  Errors	  of	  reported	  mixing	  ratios	  were	  calculated	  as	  1σ	  
statistical	  uncertainties	  by	  the	  analysis	  procedure	  for	  each	  individual	  spectrum	  and	  trace	  gas.	  The	  
systematic	  error	  of	  the	  reported	  trace	  gas	  mixing	  ratios	  were	  dominated	  by	  the	  uncertainties	  of	  the	  
absorption	  cross	  sections	  of	  the	  respective	  trace	  gases	  which	  were	  in	  the	  range	  of	  3	  –	  8%.	  The	  
systematic	  error	  of	  the	  DOAS	  spectrometer	  was	  <3%	  [Platt	  and	  Stutz,	  2008].	  Table	  3-‐4	  shows	  the	  
average	  detection	  limits	  of	  the	  LP-‐DOAS	  for	  NO2,	  HONO,	  HCHO,	  O3	  and	  SO2	  during	  UBWOS	  2012.	  	  
	  


Table	  3-‐4.	  	  Detection	  limits	  of	  the	  LP-‐DOAS	  instrument	  during	  UBOS	  2012.	  


	   TRACE	  GASES	  AVERAGE	  DETECTION	  LIMITS	  


Light	  Path	   NO2	  (ppb)	   HONO	  (ppb)	   HCHO	  (ppb)	   O3	  (ppb)	   SO2	  (ppb)	  


Lower	   0.066	  	   0.034	  	   0.31	  	   1.46	   0.05	  	  


Middle	   0.065	  	   0.033	  	   0.29	  	   1.38	  	   0.05	  	  


Upper	   0.065	  	   0.033	  	   0.28	  	   1.33	  	   0.05	  	  
	  


University	  of	  Wyoming	  Aerosol	  Mass	  Spectrometer	  	  
The	  University	  of	  Wyoming	  deployed	  an	  Aerodyne	  quadropole	  aerosol	  mass	  spectrometer	  (AMS)	  during	  
E&E	  UBWOS	  2012	  [Jayne	  et	  al.,	  2000].	  	  The	  AMS	  generated	  size-‐resolved	  mass	  loadings	  of	  non-‐
refractory	  aerosol	  species	  (predominantly	  organic,	  sulfate,	  nitrate	  and	  ammonium).	  	  The	  instrument	  also	  
recorded	  the	  full	  mass	  spectrum	  of	  the	  aerosol	  from	  0-‐300	  amu.	  Data	  was	  measured	  continuously	  
during	  the	  project	  and	  averaged	  into	  5-‐minute	  intervals.	  	  The	  inlet	  for	  the	  AMS	  was	  located	  on	  the	  main	  
sampling	  tower,	  approximately	  30	  feet	  above	  ground	  level.	  Aerosol	  particles	  were	  transported	  from	  the	  
inlet	  through	  copper	  tubing	  to	  the	  instrument.	  	  Relative	  humidity	  and	  temperature	  of	  the	  air	  stream	  
were	  constantly	  monitored.	  	  Other	  than	  a	  few	  minor	  stoppages	  for	  calibration	  and	  repair,	  the	  AMS	  ran	  
successfully	  during	  the	  entire	  6-‐week	  project.	  	  


Data	  from	  the	  AMS	  are	  currently	  being	  analyzed	  and	  corrected	  based	  on	  calibrations	  during	  the	  study	  
[Middlebrook	  et	  al.,	  2011].	  	  After	  this	  basic	  analysis,	  the	  data	  will	  be	  analyzed	  with	  positive	  matrix	  
factorization	  (PMF)	  to	  aid	  in	  determining	  the	  various	  sources	  of	  organic	  aerosol	  and	  their	  magnitudes	  
[Ulbrich	  et	  al.,	  2009].	  	  Measurements	  of	  AMS	  organic	  aerosol	  and	  VOC	  will	  be	  compared	  to	  determine	  
the	  yield	  of	  secondary	  organic	  aerosol	  from	  emissions	  in	  the	  Uintah	  Basin	  [J	  A	  de	  Gouw	  et	  al.,	  2005].	  	  
Measurements	  of	  inorganic	  mass	  from	  the	  AMS	  will	  be	  integrated	  with	  gas-‐phase	  measurements	  to	  
close	  the	  NOy	  budget.	  	  	  


UC	  Berkley	  TD-‐LIF	  In-‐situ	  Measurement	  of	  NO2	  and	  Higher	  Oxides	  of	  Nitrogen	  
Two	  thermal	  dissociation	  laser-‐induced	  fluorescence	  (TD-‐LIF)	  instruments	  [Day	  et	  al.,	  2002;	  Thornton	  et	  
al.,	  2000;	  Wooldridge	  et	  al.,	  2010]	  were	  installed	  at	  the	  Horse	  Pool	  site	  and	  used	  to	  measure	  NO2;	  the	  
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sum	  of	  PAN	  and	  other	  peroxynitrates	  (ΣPN);	  the	  sum	  of	  alkyl	  and	  other	  organic	  nitrates	  (ΣAN),	  both	  gas	  
and	  aerosol;	  and	  total	  particulate	  organic	  nitrates.	  One	  instrument	  (laser	  excitation	  wavelength	  408	  nm)	  
had	  its	  inlet	  roughly	  coincident	  in	  height	  with	  other	  aerosol	  measurements	  (9	  m).	  This	  instrument	  
measured	  NO2,	  Σ(AN+PN),	  and	  particulate-‐phase	  organic	  nitrates	  based	  on	  the	  design	  of	  Rollins	  et	  al.	  
(2010).	  In	  this	  design,	  gas	  phase	  compounds	  are	  removed	  with	  a	  charcoal	  denuder	  while	  aerosol	  
particles	  are	  transmitted.	  A	  PM2.5	  cyclone	  was	  used	  to	  reject	  dust	  and	  other	  large	  particles.	  A	  second	  
instrument	  (laser	  excitation	  wavelength	  530	  nm)	  had	  its	  inlet	  at	  the	  height	  of	  the	  majority	  of	  the	  gas	  
phase	  measurements	  (16	  m).	  This	  instrument	  measured	  NO2,	  ΣPN	  and	  ΣANs.	  In	  both	  instruments,	  higher	  
oxides	  of	  nitrogen	  were	  converted	  to	  NO2	  at	  the	  inlet	  by	  thermal	  dissociation,	  and	  then	  the	  pressure	  
was	  reduced	  for	  transit	  to	  the	  detection	  cells	  at	  the	  base	  of	  the	  tower.	  Residence	  time	  in	  the	  transfer	  
line	  was	  ~1	  second.	  Measurements	  were	  recorded	  at	  1Hz	  and	  then	  averaged	  to	  1	  minute.	  Hourly	  
calibrations	  were	  performed	  using	  a	  5	  ppm	  NO2	  standard	  diluted	  with	  zero	  air.	  Zeros	  (baseline	  
determinations)	  were	  recorded	  every	  30	  minutes.	  Both	  routines	  overflowed	  the	  sampling	  inlet	  to	  ensure	  
identical	  instrumental	  condition	  as	  during	  normal	  sampling.	  The	  detection	  limit	  for	  the	  408	  nm	  system	  at	  
1	  minute	  averaging	  time	  was	  24	  ppt	  (1σ)	  for	  NO2	  and	  34	  ppt	  (1σ)	  for	  organic	  nitrates.	  The	  530	  nm	  
system	  had	  1	  minute	  detection	  limit	  of	  51	  ppt	  (1σ)	  and	  72	  ppt	  (1σ)	  for	  NO2	  and	  organic	  nitrates.	  The	  
accuracy	  of	  the	  instruments	  is	  estimated	  to	  be	  ±10%	  for	  NO2	  and	  ±20%	  for	  the	  higher	  nitrates.	  	  
	  
	  


RESULTS	  AND	  DISCUSSION	  


Priority	  Pollutant	  Measurements	  


Overview	  
Measurements	  of	  NO,	  NO2,	  NOy	  (total	  reactive	  nitrogen),	  O3,	  CO,	  CO2,	  SO2,	  photolysis	  rates	  of	  
NO2,	  NO3,	  and	  O3,	  and	  standard	  meteorological	  parameters	  were	  made	  by	  NOAA/CIRES	  
personnel	  at	  the	  Horse	  Pool	  site	  during	  the	  UBWOS	  2012.	  	  Data	  were	  recorded	  at	  one-‐second	  
intervals	  and	  averaged	  to	  one-‐minute	  values.	  	  These	  data	  are	  available	  for	  UBWOS	  2012	  PIs	  at	  
the	  ESRL/CSD	  website.	  	  In	  this	  section	  we	  provide	  summary	  data	  for	  NOx	  (NO+NO2),	  CO,	  SO2,	  and	  
O3.	  	  These	  are	  compared	  to	  data	  from	  two	  other	  locations	  for	  context:	  the	  NOAA	  tall	  tower	  (at	  
~24	  meters	  agl)	  near	  Erie,	  CO,	  during	  Feb-‐Mar	  of	  2011	  and	  the	  ground	  supersite	  at	  Pasadena,	  
CA,	  during	  the	  CalNex	  study	  during	  May-‐Jun	  of	  2010.	  	  The	  former	  location	  is	  at	  the	  edge	  of	  the	  
Wattenberg	  field	  of	  the	  Denver-‐Julesberg	  basin,	  and	  the	  latter	  location	  is	  an	  urban	  area	  in	  the	  
South	  Coast	  Air	  Quality	  Basin	  of	  California.	  	  Figures	  3-‐5	  through	  3-‐8	  show	  the	  distributions	  of	  the	  
three	  directly	  emitted	  species	  (NOx,	  CO,	  SO2)	  and	  for	  O3	  at	  the	  sites.	  	  These	  plots	  contain	  all	  data;	  
that	  is,	  there	  has	  not	  been	  any	  filtering,	  for	  example	  by	  wind.	  	  For	  NOx,	  the	  Pasadena	  location	  
has	  the	  highest	  mode	  of	  the	  three	  distributions	  followed	  by	  the	  Erie	  site.	  	  This	  reflects	  the	  
intensity	  and	  proximity	  of	  sources,	  principally	  motor	  vehicle	  traffic.	  	  The	  Horse	  Pool	  site	  
distribution	  appears	  to	  have	  two	  modes	  -‐	  one	  very	  peaked	  at	  ~0.4	  ppbv	  NOx	  and	  another	  more	  
broad	  at	  ~3	  ppbv.	  	  The	  lower	  mode	  is	  due	  to	  those	  periods	  of	  high	  winds	  more	  representative	  of	  
background	  levels.	  	  The	  higher,	  more	  broad	  mode	  in	  the	  Horse	  Pool	  data	  is	  more	  representative	  
of	  those	  low	  wind	  speeds	  that	  would	  be	  expected	  for	  the	  high-‐ozone	  events.	  	  This	  mode	  level	  is	  
similar	  to	  that	  for	  the	  Erie	  site	  which	  has	  a	  much	  higher	  population	  density	  than	  the	  Horse	  Pool	  
site.	  	  Evidently,	  the	  oil	  and	  gas	  operations	  in	  the	  Uinta	  Basin	  produce	  similar	  levels	  of	  NOx	  to	  
those	  found	  in	  rural/suburban	  areas.	  	  For	  CO,	  shown	  in	  Figure	  3-‐6,	  the	  Pasadena	  data	  again	  have	  
the	  highest	  mode	  (~300	  ppbv),	  reflecting	  the	  higher	  source	  intensity,	  while	  the	  Horse	  Pool	  and	  
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Erie	  data	  virtually	  superimpose	  with	  a	  mode	  at	  ~150	  ppbv.	  	  This	  latter	  point	  is	  a	  little	  surprising	  
given	  the	  proximity	  of	  the	  tall	  tower	  to	  higher	  population	  density,	  heavily	  traveled	  rural	  roads,	  
and	  a	  major	  interstate	  highway	  where	  a	  large	  fraction	  of	  traffic	  is	  from	  gasoline-‐powered	  
vehicles	  (i.e.,	  CO	  sources).	  	  In	  contrast,	  the	  majority	  of	  vehicles	  in	  the	  Uinta	  Basin	  were	  diesel-‐
powered	  which	  produce	  very	  little	  CO	  emissions.	  	  Thus,	  there	  must	  be	  sources	  in	  the	  Basin	  that	  
emit	  non-‐negligible	  quantities	  of	  CO.	  	  In	  Figure	  3-‐7	  the	  SO2	  distributions	  for	  Horse	  Pool	  and	  
Pasadena	  (no	  data	  for	  the	  Erie	  site)	  have	  similar	  modes	  at	  ~0.2	  ppbv,	  which	  is	  near	  the	  detection	  
limit.	  	  However,	  the	  Horse	  Pool	  distribution	  drops	  off	  very	  sharply	  at	  0.4-‐0.5	  ppbv	  where	  the	  
Pasadena	  data	  have	  a	  long	  tail	  to	  higher	  levels.	  	  Again,	  this	  reflects	  the	  greater	  intensity	  and	  
distribution	  of	  SO2	  sources	  in	  the	  urban	  area	  compared	  to	  the	  Uinta	  Basin.	  	  The	  ozone	  
distributions	  in	  Figure	  3-‐8	  are	  quite	  interesting.	  	  While	  the	  mode	  for	  the	  Pasadena	  data	  would	  
be	  expected	  to	  be	  the	  highest,	  the	  CalNex	  2010	  study	  occurred	  at	  the	  early	  part	  of	  the	  Los	  
Angeles	  ozone	  season,	  and	  the	  highest	  value	  recorded	  was	  108	  ppbv.	  	  Nevertheless,	  the	  
distribution	  does	  show	  the	  expected	  broad	  shape	  with	  titration	  and	  deposition	  dominating	  the	  
low	  end	  (i.e.,	  significant	  fraction	  of	  near-‐zero	  values)	  and	  photochemistry	  producing	  the	  tail	  to	  
higher	  levels.	  	  Contrast	  that	  with	  the	  Erie	  and	  Horse	  Pool	  data	  which	  both	  show	  a	  sharp	  cutoff	  at	  
the	  higher	  levels,	  reflecting	  a	  dearth	  of	  photochemical	  production	  during	  the	  wintertime.	  	  
Moreover,	  the	  Horse	  Pool	  data	  have	  a	  mode	  about	  20	  ppbv	  lower	  than	  Erie,	  doubtless	  due	  to	  
less	  intense	  photochemistry	  in	  the	  Basin	  despite	  similar	  levels	  of	  NOx.	  


Emissions	  in	  the	  Uinta	  Basin	  
There	  are	  many	  different	  sources	  of	  emissions	  in	  the	  Uinta	  Basin.	  	  Most	  of	  these	  are	  associated	  
with	  oil	  and	  gas	  operations,	  but	  the	  single	  largest	  point	  source	  is	  the	  Bonanza	  power	  plant.	  	  On	  
February	  4,	  2012,	  at	  the	  Horse	  Pool	  site,	  a	  large	  plume	  event	  was	  observed.	  	  Figure	  3-‐9	  shows	  
three	  plots	  that	  provide	  information	  about	  the	  composition	  of	  this	  plume	  to	  possibly	  suggest	  its	  
source.	  	  The	  correlation	  between	  SO2	  and	  NOy	  (left	  plot)	  shows	  that	  the	  source	  produces	  both	  
NOx	  and	  SO2,	  although	  the	  ratio	  of	  S	  to	  N	  is	  lower	  than	  the	  average	  from	  the	  Bonanza	  stack	  
monitors.	  	  The	  middle	  plot	  shows	  the	  correlation	  between	  CO	  and	  CO2	  and	  indicates	  that	  the	  
level	  of	  CO	  (~4%)	  in	  the	  plume	  is	  very	  high	  for	  a	  coal-‐fired	  power	  plant	  (electric	  generating	  unit	  -‐	  
EGU).	  	  The	  right-‐hand	  plot	  shows	  that	  almost	  all	  of	  the	  reactive	  nitrogen	  in	  the	  plume	  is	  NOx;	  
that	  is,	  the	  plume	  has	  not	  significantly	  aged.	  	  Initially,	  these	  combined	  data	  (especially	  the	  
CO/CO2	  plot)	  suggested	  that	  the	  plume	  was	  from	  a	  source	  other	  than	  the	  Bonanza	  power	  plant.	  	  
However,	  subsequent	  aircraft	  flights	  by	  colleagues	  at	  GMD	  conclusively	  showed	  that	  the	  
emission	  of	  CO	  (at	  3-‐5%)	  from	  this	  EGU	  was	  much	  higher	  than	  expected	  for	  a	  power	  plant.	  	  Plus,	  
since	  there	  are	  no	  other	  significant	  sources	  of	  SO2	  in	  the	  Basin,	  we	  conclude	  that	  this	  plume	  did	  
come	  from	  the	  Bonanza	  EGU,	  and	  that	  emissions	  from	  this	  source	  will	  be	  mixed	  to	  the	  surface	  
and	  must	  be	  included	  in	  emissions	  inventories	  for	  this	  region.	  


The	  data	  collected	  at	  the	  Horse	  Pool	  site	  also	  will	  provide	  information	  about	  other	  sources	  of	  
emission	  in	  the	  Basin.	  	  During	  the	  intensive,	  numerous	  smaller	  plume	  events	  were	  observed	  that	  
can	  be	  analyzed	  in	  a	  manner	  similar	  to	  that	  shown	  in	  Figure	  3-‐9.	  	  These	  analyses	  can	  provide	  
mass-‐based	  emission	  factors	  for	  these	  different	  sources	  (both	  point	  and	  mobile)	  that	  can	  be	  
used	  in	  emission	  inventory	  modeling.	  


Photochemistry	  at	  the	  Horse	  Pool	  Site	  
The	  above	  measurements	  made	  at	  Horse	  Pool	  provide	  an	  indication	  of	  the	  intensity	  of	  
photochemistry	  during	  the	  2012	  intensive.	  	  Figure	  3-‐10	  shows	  a	  plot	  of	  O3	  versus	  the	  difference	  
quantity	  NOy	  -‐	  NOx,	  sometimes	  called	  NOz.	  	  This	  quantity	  is	  a	  measure	  of	  the	  conversion	  of	  the	  
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emitted	  species,	  NOx,	  to	  other	  reactive	  nitrogen	  species,	  where	  a	  value	  of	  0	  (all	  NOy	  is	  NOx)	  
indicates	  fresh	  emissions	  and	  larger	  values	  show	  the	  level	  (in	  ppbv)	  of	  NOx	  converted	  to	  more	  
oxidized	  nitrogen	  species,	  such	  as	  PANs	  or	  HNO3.	  	  A	  relationship	  should	  exist	  between	  O3	  and	  
NOz	  if	  both	  are	  produced	  via	  atmospheric	  photochemistry.	  	  Looking	  first	  at	  the	  active	  
photochemical	  environment	  shown	  by	  the	  Pasadena	  data	  in	  Figure	  3-‐11,	  it	  is	  clear	  that	  as	  NOz	  
increases	  so	  does	  O3	  above	  about	  40	  ppbv,	  which	  could	  be	  considered	  the	  background	  O3	  level.	  	  
On	  the	  other	  hand,	  there	  seems	  to	  be	  no	  relationship	  whatsoever	  in	  the	  Horse	  Pool	  data,	  shown	  
in	  Figure	  3-‐10.	  	  If	  anything,	  NOz	  increases	  when	  O3	  drops	  below	  about	  25	  ppbv.	  	  This	  is	  
consistent	  with	  nighttime	  chemical	  conversion	  of	  NOx	  to	  NO3,	  N2O5,	  and	  ClNO2	  at	  the	  expense	  of	  
O3	  (plus	  O3	  deposition).	  	  There	  is	  very	  little	  in	  these	  data	  to	  suggest	  any	  substantial	  
photochemical	  activity	  resulting	  in	  O3	  production	  at	  the	  Horse	  Pool	  site,	  even	  though	  the	  levels	  
of	  precursor	  species	  (NOx	  and	  VOCs)	  were	  sufficient	  to	  maintain	  photochemical	  production.	  	  	  


Photolysis	  rates	  for	  O3	  and	  NO2	  were	  similar	  at	  the	  Horse	  Pool	  site	  and	  at	  Pasadena.	  	  Figure	  3-‐12	  
shows	  both	  the	  upward-‐looking	  and	  down-‐looking	  photolysis	  rates	  for	  NO2	  measured	  at	  Horse	  
Pool	  in	  mid-‐February.	  	  The	  sum	  of	  these	  rates	  on	  a	  sunny	  day	  gives	  total	  photolysis	  of	  about	  
0.007	  Hz	  at	  midday.	  	  For	  comparison	  the	  total	  NO2	  photolysis	  rate	  for	  Pasadena	  was	  about	  0.008	  
Hz	  under	  similar	  conditions.	  	  Also	  of	  significance	  in	  Figure	  3-‐12	  are	  the	  data	  for	  20	  Feb.	  	  There	  
was	  a	  small	  snow	  event	  that	  occurred	  on	  19	  Feb	  which	  left	  about	  an	  inch	  of	  snow	  on	  the	  ground.	  	  
The	  next	  day	  was	  sunny,	  and	  the	  increase	  in	  the	  ground	  albedo	  is	  clearly	  seen	  in	  the	  downward-‐
looking	  data	  on	  20	  Feb.	  	  For	  this	  day	  the	  total	  photolysis	  rate	  for	  NO2	  equals	  or	  exceeds	  0.01	  Hz,	  
and	  confirms	  the	  expectation	  that	  snow-‐cover	  can	  be	  a	  contributing	  factor	  to	  high	  ozone	  events	  
in	  the	  Uinta	  Basin	  during	  winter.	  


Summary	  
This	  brief	  overview	  of	  only	  some	  of	  the	  interesting	  priority	  pollutant	  observations	  made	  at	  the	  
Horse	  Pool	  site	  can	  be	  summarized	  as	  follows:	  


A. The	  levels	  of	  NOx	  observed	  under	  the	  low	  speed	  wind	  conditions	  were	  about	  3-‐4	  ppbv	  
and	  are	  comparable	  to	  those	  seen	  at	  a	  rural/suburban	  site	  in	  Colorado.	  	  For	  high	  wind	  
conditions,	  NOx	  levels	  dropped	  by	  about	  an	  order	  of	  magnitude.	  


B. Levels	  of	  CO	  in	  the	  Basin	  were	  typically	  around	  150	  ppbv,	  which,	  surprisingly,	  are	  
comparable	  to	  the	  more	  populated	  Colorado	  site.	  	  


C. Except	  for	  a	  few	  events,	  SO2	  was	  generally	  observed	  near	  the	  detection	  limit	  of	  the	  
instrument	  which	  indicates	  almost	  no	  local	  sources	  of	  this	  compound.	  


D. Snow	  on	  the	  ground	  significantly	  enhances	  surface	  albedo	  in	  the	  UV	  range,	  which	  
increases	  photolysis	  rates.	  The	  photolysis	  rates	  for	  NO2,	  when	  there	  was	  snow	  on	  the	  
ground,	  were	  similar	  to	  those	  at	  the	  more	  photochemically	  active	  Pasadena	  site.	  For	  
most	  of	  the	  2012	  study,	  however,	  the	  ground	  was	  bare	  and	  NO2	  photolysis	  was	  much	  
reduced.	  


E. There	  was	  very	  little	  indication	  of	  significant	  photochemistry	  during	  the	  intensive.	  	  
Levels	  of	  O3	  never	  exceeded	  ~60	  ppbv,	  and	  the	  conversion	  of	  NOx	  to	  higher	  oxidized	  
species	  was	  less	  than	  50%	  of	  that	  seen	  in	  the	  more	  active	  photochemical	  environment	  
of	  Pasadena,	  CA.	  
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Priority	  Pollutant	  Figures:	  


	  
Figure	  3-‐5.	  	  Distributions	  of	  NOx.	  


	  


	  
Figure	  3-‐6.	  	  Distributions	  of	  CO.	  
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Figure	  3-‐7.	  	  Distributions	  of	  SO2.	  


	  


	  
Figure	  3-‐8.	  	  Distributions	  of	  O3.	  
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Figure	  3-‐9.	  	  Correlation	  plots	  from	  a	  plume	  event	  at	  Horse	  Pool	  on	  04	  Feb	  2012.	  


	  


	   	  
Figure	  3-‐10.	  	  O3	  vs	  NOz	  at	  Horse	  Pool	   	   Figure	  3-‐11.	  	  O3	  vs	  NOz	  at	  Pasadena,	  CA.	  


	  


	  
Figure	  3-‐12.	  	  Photolysis	  of	  NO2	  at	  Horse	  Pool.	  


1000


800


600


400


200


CO
, p


pb


420415410405400
CO2, ppm


CO = 4.4% of CO2
(r2 = 0.96)


4


3


2


1


0


SO
2,


 p
pb


403020100
NOy, ppb


Y = 0.082 * X
(r2 = 0.96)


50


40


30


20


10


0


NO
y,


 p
pb


50403020100
NOx, ppb


Y = 1.07 * X + 0.41
(r2 = 0.95)


SO2$vs$NOy$ CO$vs$CO2$ NOx$vs$NOy$


•$SO2/NOy$=$0.08,$but$$
$$$$$CEMS$indicates$0.13$


•$CO/CO2$is$about$4%;$$
$$$$very$high$for$an$EGU$


•$NOx/NOy$is$about$1;$
$$$liJle$processing$Lme$


•No$increase$in$parLcles;$liJle$scaJering;$liJle$absorpLon$


50


40


30


20


10


0


O3
, p


pb
v


14121086420
NOy - NOx, ppbv


Horsepool, UT


110


100


90


80


70


60


50


40


30


20


10


0


O3
, p


pb
v


2824201612840
NOy - NOx, ppbv


Pasadena, CA


0.008
0.007
0.006
0.005
0.004
0.003
0.002
0.001
0.000


NO
2 


ph
ot


ol
ys


is 
ra


te
, H


z


2/17/12 2/18/12 2/19/12 2/20/12 2/21/12 2/22/12
Mountain Standard Time


Up-viewing
Down-viewing







CRD/13-‐320.32	   2012	  Uintah	  Basin	  Winter	  Ozone	  &	  Air	  Quality	  Study	   118	  	  


Volatile	  Organic	  Compounds	  


GC/MS	  Measurements	  
A	  full	  suite	  of	  volatile	  organic	  compounds	  (VOCs),	  including	  alkanes,	  alkenes,	  cycloalkanes	  
(napthenes),	  aromatics,	  oxygentated	  VOCs	  (OVOCs),	  nitrogen-‐	  and	  halogen-‐containing	  species,	  
were	  measured	  in-‐situ	  via	  a	  gas	  chromatograph-‐mass	  spectrometer	  instrument	  (GC-‐MS)	  at	  the	  
Horse	  Pool	  site.	  	  This	  high-‐level	  of	  chemical	  speciation	  allows	  for	  a	  detailed	  analysis	  of	  the	  
primary	  emissions	  of	  VOCs	  from	  oil	  and	  natural	  gas	  operations	  and	  the	  key	  reactive	  species	  in	  
potential	  photochemical	  ozone	  formation.	  	  	  


During	  UBWOS	  2012,	  very	  high	  levels	  of	  several	  hydrocarbons	  and	  methanol	  were	  routinely	  
observed.	  	  First,	  we	  compare	  the	  average	  mixing	  ratios	  observed	  during	  UBWOS	  2012	  to	  
previous	  measurements	  conducted	  at	  the	  Red	  Wash	  site	  in	  winter	  2011	  (Figure	  3-‐13).	  	  In	  
general,	  the	  Horse	  Pool	  site	  observed	  larger	  average	  mixing	  ratios	  for	  the	  C3-‐C9	  alkanes,	  
cycloalkanes,	  and	  the	  C6-‐C8	  aromatics.	  	  The	  relative	  composition	  of	  these	  species	  is	  comparable	  
between	  the	  two	  sites.	  	  The	  largest	  differences	  in	  the	  observed	  mixing	  ratios	  occur	  for	  the	  C9	  
aromatics	  and	  the	  alkenes,	  where	  much	  larger	  values	  were	  reported	  for	  the	  Red	  Wash	  site.	  	  
Ethyne,	  a	  common	  tracer	  for	  combustion,	  was	  70	  times	  greater	  in	  2011	  compared	  to	  2012.	  	  
Isoprene,	  a	  temperature-‐dependent	  biogenic	  emission,	  was	  routinely	  measured	  near	  the	  
detection	  limit	  (<0.01	  ppbv)	  at	  Horse	  Pool;	  however,	  the	  average	  mixing	  ratio	  for	  Red	  Wash	  was	  
reported	  as	  2.91	  ppb.	  	  Other	  biogenic	  species,	  such	  as	  monoterpenes,	  were	  not	  observed	  at	  the	  
Horse	  Pool	  site.	  	  The	  source	  for	  the	  anomalously	  high	  levels	  of	  the	  alkenes	  remains	  unknown.	  	  
During	  UBWOS	  2012,	  the	  observed	  mixing	  ratios	  were	  3.8	  (range	  60-‐0.15)	  times	  higher	  than	  the	  
Red	  Wash	  site	  for	  the	  alkane,	  cycloalkane,	  and	  aromatic	  VOCs.	  


Next,	  we	  compare	  the	  average	  mixing	  ratios	  observed	  during	  UBWOS	  2012	  to	  previous	  
measurements	  collected	  near	  active	  areas	  of	  oil	  and	  natural	  gas	  operations	  in	  northeastern	  
Colorado	  in	  winter	  2011.	  	  These	  measurements	  were	  conducted	  at	  NOAA’s	  Boulder	  Atmospheric	  
Observatory	  (40.05°N	  and	  105.00°W)	  situated	  in	  Weld	  County,	  Colorado	  in	  the	  southwestern	  
sector	  of	  Wattenberg	  Gas	  Field	  of	  the	  greater	  Denver-‐Julesburg	  Basin	  (DJB).	  	  At	  the	  time	  of	  
these	  measurements,	  there	  were	  17,000	  active	  oil	  and	  gas	  wells	  in	  Weld	  County	  compared	  to	  
the	  8,000	  wells	  in	  Uintah	  County.	  	  As	  shown	  in	  Figure	  3-‐14,	  the	  average	  observed	  mixing	  ratios	  
were	  larger	  for	  many	  of	  the	  VOCs	  measured	  in	  Uintah	  compared	  to	  Weld	  County,	  Colorado.	  	  The	  
higher	  alkenes	  observed	  in	  Weld	  County	  are	  consistent	  with	  urban	  combustion	  sources	  in	  the	  
vicinity.	  	  Methanol	  is	  3.6	  times	  higher	  in	  Uintah	  than	  in	  Weld	  County.	  	  Methanol	  is	  added	  to	  the	  
raw	  natural	  gas	  stream	  by	  certain	  operators	  as	  anti-‐freeze.	  	  The	  reasons	  for	  the	  differences	  in	  
methanol	  levels	  between	  the	  two	  areas	  are	  not	  clear	  at	  this	  time.	  	  The	  higher	  ethanol	  in	  Weld	  
County	  is	  consistent	  with	  numerous	  sources	  in	  the	  vicinity,	  including	  agriculture,	  breweries,	  and	  
the	  use	  of	  E10	  fuel	  (10%	  Ethanol)	  for	  gasoline-‐powered	  vehicles.	  	  During	  UBWOS	  2012,	  the	  
observed	  mixing	  ratios	  were	  6.5	  (range	  26-‐1.6)	  times	  higher	  than	  the	  Weld	  County	  site	  for	  the	  
alkane,	  cycloalkane,	  and	  aromatic	  VOCs.	  


The	  final	  comparison	  is	  between	  the	  wintertime	  measurements	  in	  Uintah	  near	  oil	  and	  natural	  
gas	  operations	  and	  summertime	  measurements	  in	  Pasadena,	  California,	  as	  part	  of	  the	  CalNex	  
2010	  field	  campaign.	  	  Pasadena	  is	  a	  large	  urban	  area	  situated	  15	  km	  northwest	  of	  Los	  Angeles.	  	  
The	  greater	  Los	  Angeles	  area	  is	  well	  known	  for	  its	  air	  quality	  issues	  that	  are	  attributed	  to	  a	  dense	  
population	  (>10	  million	  people)	  in	  a	  large	  geologic	  basin	  that	  is	  inadequately	  ventilated.	  	  We	  
include	  the	  Pasadena	  dataset	  here	  in	  order	  to	  1)	  identify	  the	  primary	  source	  of	  alkanes	  in	  the	  
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Uintah	  Basin	  and	  2)	  compare	  the	  VOC	  composition	  between	  Uintah	  in	  the	  wintertime	  and	  an	  
urban	  area	  during	  the	  more	  typical	  summertime	  “ozone	  season.”	  


In	  order	  to	  identify	  the	  primary	  source	  of	  alkanes	  in	  the	  Uintah	  Basin,	  we	  compare	  the	  observed	  
enhancement	  ratios	  of	  the	  pentane	  isomers	  for	  the	  Uintah	  and	  Pasadena	  datasets	  (Figure	  3-‐15).	  	  
The	  iso-‐	  to	  n-‐pentane	  ratio	  for	  Pasadena	  is	  a	  factor	  of	  2.7	  times	  higher	  than	  that	  observed	  in	  
Uintah.	  	  The	  observed	  iso-‐	  to	  n-‐pentane	  ratio	  in	  Pasadena	  is	  consistent	  with	  published	  values	  for	  
tailpipe	  emissions	  from	  gasoline	  powered	  vehicles	  [Schauer	  et	  al.,	  2002].	  	  The	  observed	  
enhancement	  ratios	  for	  UBWOS	  2012,	  Red	  Wash	  2011,	  and	  Weld	  2011	  are	  comparable,	  and	  
they	  are	  consistent	  with	  the	  composition	  of	  raw	  natural	  gas	  in	  Wattenberg	  Field	  as	  reported	  by	  
the	  Colorado	  Oil	  and	  Natural	  Gas	  Conservation	  Commission	  [COGCC,	  2007].	  	  This	  analysis	  shows	  
that	  the	  hydrocarbon	  signature	  from	  oil	  and	  natural	  gas	  operations	  can	  be	  clearly	  differentiated	  
from	  urban	  emissions	  dominated	  by	  on-‐road	  sources.	  


As	  shown	  in	  Figure	  3-‐16,	  the	  alkanes	  are	  greatly	  enhanced	  in	  Uintah	  (22-‐1.9	  times	  greater)	  
compared	  to	  the	  urban	  site,	  while	  the	  aromatics	  were	  relatively	  comparable	  (5-‐0.6	  times	  
greater).	  	  Cycloalkanes	  were	  not	  reported	  for	  the	  CalNex	  dataset.	  	  During	  UBWOS	  2012,	  the	  
observed	  mixing	  ratios	  were	  7.7	  (range	  22-‐0.58)	  times	  higher	  than	  the	  Pasadena	  site	  for	  the	  
alkanes	  and	  aromatics.	  	  For	  UBWOS	  2012,	  the	  C2-‐C8	  alkanes	  and	  C6-‐C8	  aromatics	  are	  18	  (range	  of	  
40-‐1.3)	  times	  higher	  than	  the	  average	  mixing	  ratios	  reported	  for	  25	  U.S.	  cities	  by	  Baker	  et	  al.	  
[Baker	  et	  al.,	  2008].	  	  The	  alkenes	  are	  higher	  for	  the	  CalNex	  dataset	  due	  to	  the	  prevalence	  of	  on-‐
road	  combustion	  sources	  in	  the	  LA	  Basin;	  however,	  these	  elevated	  mixing	  ratios	  are	  well	  below	  
the	  reported	  values	  for	  the	  2011	  Red	  Wash	  site.	  	  Biogenics,	  such	  as	  isoprene,	  are	  larger	  for	  the	  
Pasadena	  dataset	  as	  it	  was	  a	  summertime	  experiment	  conducted	  near	  isoprene	  emitting	  
vegetation.	  	  On	  average,	  the	  Pasadena	  site	  observed	  mixing	  ratios	  22	  (range	  of	  86-‐1.5)	  times	  
higher	  for	  the	  alkenes.	  	  The	  average	  mixing	  ratio	  of	  the	  oxygenated	  VOCs	  were	  6.6	  (range	  of	  29-‐
0.36)	  times	  greater	  in	  Pasadena	  than	  Uintah.	  	  This	  large	  enhancement	  in	  the	  OVOC	  in	  Pasadena	  
is	  related	  to	  primary	  emissions	  of	  ethanol	  and	  the	  secondary	  production	  of	  aldehydes	  and	  
ketones.	  


Here	  we	  investigate	  the	  relative	  contribution	  of	  VOCs,	  methane	  (CH4),	  carbon	  monoxide	  (CO),	  
and	  nitrogen	  dioxide	  (NO2)	  to	  potential	  ozone	  formation	  by	  comparing	  the	  various	  sinks	  of	  the	  
hydroxyl	  radical	  (OH).	  OH	  reactivity	  is	  a	  simple	  metric	  determined	  by	  the	  product	  of	  the	  
abundance	  of	  a	  particular	  species	  and	  its	  reaction	  rate	  coefficient	  with	  OH	  (kOH+VOC).	  	  This	  
method	  identifies	  the	  key	  reactive	  species	  that	  may	  contribute	  to	  potential	  ozone	  formation.	  	  
Figure	  3-‐17	  shows	  a	  time	  series	  of	  the	  total	  OH	  reactivity	  (top	  panel).	  	  During	  UBWOS	  2012,	  the	  
average	  total	  OH	  reactivity	  was	  9.8	  ±	  8.4	  s-‐1.	  	  This	  is	  comparable	  to	  the	  average	  OH	  reactivity	  
calculated	  for	  Pasadena	  (11	  ±	  4	  s-‐1).	  	  	  


During	  UBWOS	  2012,	  the	  VOCs	  contributed	  71%	  of	  the	  total	  OH	  reactivity.	  	  Figure	  3-‐17	  (bottom	  
panel)	  shows	  the	  factional	  contribution	  of	  the	  VOC	  compound	  classes	  to	  the	  VOC-‐OH	  reactivity.	  	  
On	  average,	  the	  alkanes	  accounted	  for	  58%	  of	  the	  VOC-‐OH	  reactivity,	  followed	  by	  the	  OVOCs	  
(17%),	  cycloalkanes	  (14%),	  aromatics	  (8%),	  and	  the	  alkenes	  (3%).	  	  This	  is	  a	  very	  different	  mixture	  
of	  VOCs	  than	  observed	  in	  Pasadena,	  where	  the	  VOC-‐OH	  reactivity	  was	  dominated	  by	  OVOCs	  
(46%),	  alkenes	  (19%),	  biogenics	  (16%),	  and	  aromatics	  (10%).	  	  Even	  though	  the	  mixture	  of	  VOCs	  is	  
completely	  different	  between	  the	  two	  measurement	  sites,	  the	  magnitude	  was	  comparable.	  This	  
is	  the	  direct	  consequence	  of	  the	  very	  high	  mixing	  ratios	  of	  the	  alkanes,	  cycloalkanes,	  and	  
methanol	  that	  were	  observed	  during	  UBWOS	  2012.	  
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Figure	  3-‐13.	  	  Average	  mixing	  ratios	  for	  UBWOS	  2012	  and	  Red	  Wash	  2011.	  


	  


	  


	  


Figure	  3-‐14.	  	  Average	  mixing	  ratios	  for	  Uintah	  County,	  Utah	  (UBWOS	  2012)	  and	  Weld	  County,	  Colorado	  
(2011	  BAO	  site).	  
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Figure	  3-‐15.	  	  Iso-‐pentane	  to	  n-‐pentane	  enhancement	  ratios.	  


	  


	  


	  
Figure	  3-‐16.	  	  Average	  mixing	  ratios	  for	  Uintah	  County,	  Utah	  (UBWOS	  2012)	  and	  Pasadena,	  California	  
(CalNex	  2010).	  
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Figure	  3-‐17.	  	  Time	  series	  of	  total	  OH	  reactivity	  (top	  panel)	  and	  the	  fractional	  contribution	  of	  the	  VOCs	  to	  
the	  VOC-‐OH	  reactivity	  (bottom	  panel).	  
	  


Formaldehyde	  	  
Formaldehyde	  is	  a	  VOC	  of	  particular	  interest	  to	  the	  Uintah	  Basin	  because	  it	  can	  have	  a	  variety	  of	  
combustion-‐related	  sources,	  and	  is	  a	  potent	  radical	  source.	  The	  measured	  formaldehyde	  levels	  
are	  shown	  in	  Figure	  3-‐18	  for	  the	  entire	  intensive	  period,	  and	  ranged	  from	  below	  detection	  limit	  
up	  to	  15	  ppbv.	  The	  distribution	  of	  CH2O	  in	  UBWOS	  2012	  is	  shown	  in	  Figure	  3-‐19	  and	  compared	  
to	  several	  other	  data	  sets	  from	  summertime	  polluted	  areas,	  Houston-‐Galveston,	  and	  Pasadena,	  
CA.	  The	  median	  and	  average	  levels	  of	  CH2O	  in	  the	  Uintah	  Basin	  were	  lower	  than	  the	  
corresponding	  numbers	  from	  the	  other	  two	  data	  sets.	  The	  implications	  of	  measured	  CH2O	  for	  
the	  radical	  budget	  of	  the	  Basin	  are	  discussed	  below.	  	  	  


The	  UBWOS	  2012	  measurements	  show	  a	  number	  of	  short-‐term	  peaks	  in	  CH2O,	  most	  of	  which	  
were	  correlated	  with	  methanol,	  as	  shown	  for	  example	  in	  Figure	  3-‐20.	  The	  close	  correlation	  of	  
CH2O	  and	  methanol,	  which	  was	  independent	  of	  time	  of	  day	  (i.e.,	  not	  photochemical	  in	  origin),	  
implies	  that	  the	  observed	  formaldehyde	  is	  present	  as	  an	  impurity	  in	  the	  liquid	  methanol	  that	  is	  
stored	  and	  used	  at	  numerous	  sites	  in	  the	  basin.	  The	  overall	  correlation	  of	  formaldehyde	  and	  
methanol,	  shown	  in	  Figure	  3-‐21,	  confirms	  that	  much	  of	  the	  observed	  formaldehyde	  comes	  from	  
methanol.	  However,	  there	  are	  several	  instances	  of	  short-‐term	  plumes	  of	  CH2O	  that	  did	  not	  
correspond	  to	  elevated	  methanol	  that	  deserve	  closer	  examination,	  as	  shown	  in	  Figure	  3-‐22.	  The	  
first	  instance	  on	  Feb.	  3,	  at	  about	  12:50PM,	  there	  were	  no	  corresponding	  plumes	  of	  other	  
materials	  that	  might	  indicate	  the	  origin.	  In	  contrast,	  the	  plume	  on	  Feb	  16	  at	  6:50PM	  was	  
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associated	  with	  carbon	  monoxide	  and	  so	  appears	  to	  be	  related	  to	  a	  near-‐by	  combustion	  source,	  
possibly	  a	  motor	  vehicle.	  	  


The	  2012	  measurements	  indicate	  that	  on	  average	  CH2O	  is	  not	  unusually	  high	  in	  the	  Uintah	  Basin	  
compared	  to	  other	  sites	  that	  experience	  photochemical	  ozone	  pollution.	  Most	  of	  the	  high	  CH2O	  
values	  that	  were	  observed	  were	  due	  to	  methanol	  use	  in	  the	  Basin.	  	  The	  absence	  of	  snow	  and	  
cold	  pool	  conditions	  did	  not	  allow	  an	  assessment	  of	  snow	  pack	  sources	  of	  CH2O.	  There	  were	  
infrequent	  observations	  of	  CH2O	  plumes	  that	  did	  not	  correspond	  to	  methanol	  levels	  and	  are	  
likely	  due	  to	  combustion	  sources.	  	  


	  
Figure	  3-‐18.	  	  Measurements	  of	  formaldehyde	  at	  the	  Horse	  Pool	  site.	  	  
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Figure	  3-‐19.	  	  Distributions	  of	  formaldehyde	  at	  3	  different	  sites.	  The	  bars	  span	  the	  maximum	  and	  
minimum	  of	  the	  data;	  the	  box	  denotes	  the	  central	  50%	  of	  the	  data;	  the	  central	  bar	  is	  the	  median;	  and	  
the	  open	  circle	  is	  the	  mean.	  
	  


	  
Figure	  3-‐20.	  	  Detailed	  timeline	  of	  formaldehyde	  (red)	  and	  methanol	  (blue)	  at	  the	  Horse	  Pool	  site.	  	  
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Figure	  3-‐21.	  	  The	  correlation	  of	  formaldehyde	  and	  methanol,	  with	  2	  unusual	  plumes	  denoted	  in	  blue	  
(2/3	  12:50)	  and	  red	  (2/16,	  18:50).	  	  
	  


	  
Figure	  3-‐22.	  	  Detailed	  timelines	  for	  the	  periods	  identified	  in	  Figure	  3-‐21.	  
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Measurements	  of	  Acids	  by	  NI-‐PT-‐CIMS	  
The	  Acid	  CIMS	  has	  the	  capability	  to	  measure	  a	  wide	  range	  of	  both	  inorganic	  and	  organic	  acids	  in	  the	  gas	  
phase.	  Only	  a	  few	  acids	  of	  each	  type	  were	  found	  to	  be	  important	  in	  the	  UBWOS	  2012	  campaign;	  the	  
inorganic	  acids-‐	  hydrochloric	  acid	  (HCl),	  nitrous	  acid	  (HONO),	  nitric	  acid	  (HNO3),	  and	  isocyanic	  acid	  
(HNCO);	  and	  the	  organic	  acids-‐	  formic	  acid,	  (HC(O)OH),	  and	  butyric/pyruvic	  acids	  (C3H7C(O)OH,	  
CH3C(O)C(O)OH),	  Each	  acid	  can	  potentially	  play	  a	  unique	  role	  in	  the	  chemistry	  of	  the	  atmosphere	  of	  the	  
Uintah	  Basin	  as	  will	  be	  discussed	  below.	  	  


Inorganic	  Acids	  
Hydrochloric	  acid	  is	  a	  strong	  acid	  that	  has	  a	  number	  of	  sources;	  some	  coal-‐fired	  power	  plants;	  
biomass	  burning;	  and	  volatilization	  of	  chloride	  from	  particles,	  either	  sea	  salt	  or	  soil.	  The	  
liberation	  of	  HCl	  from	  particles	  requires	  another	  strong	  acid,	  either	  sulfuric	  or	  nitric	  acid,	  hence	  
is	  closely	  associated	  with	  low	  particle	  pH	  conditions.	  The	  HCl	  observations	  by	  acid	  CIMS	  during	  
UBWOS	  2012	  were	  somewhat	  compromised	  by	  high	  system	  backgrounds	  and	  sensitivity	  to	  inlet	  
pressure	  fluctuations.	  These	  factors	  combined	  to	  raise	  the	  detection	  limit	  of	  the	  method	  to	  
between	  0.15	  and	  0.2	  ppbv.	  No	  significant	  HCl	  was	  observed	  during	  UBWOS	  2012	  above	  these	  
detection	  limits	  under	  these	  conditions.	  


Nitric	  Acid	  is	  another	  strong	  acid	  that	  is	  a	  product	  of	  NOx	  oxidation	  either	  through	  the	  reaction	  
of	  NO2	  with	  OH	  in	  the	  daytime	  or	  the	  reactions	  of	  N2O5	  with	  particles,	  or	  reaction	  of	  NO3	  with	  
certain	  VOCs	  at	  nighttime.	  Daytime	  HNO3	  is	  a	  useful	  indicator	  relative	  to	  other	  NOx	  products	  
such	  PANs	  and	  alkyl	  nitrates	  since	  HNO3	  is	  radical-‐chain	  terminating,	  and	  the	  organic	  nitrates	  
indicate	  chain-‐propagating	  chemistry.	  HNO3	  is	  highly	  soluble	  and	  semi-‐volatile,	  so	  it	  partitions	  to	  
aerosol	  particles	  depending	  on	  their	  pH	  and	  will	  readily	  deposit	  on	  ground	  surfaces.	  Both	  
photochemistry	  and	  deposition	  affect	  the	  diurnal	  profile	  of	  HNO3.	  The	  diurnal	  profile	  of	  HNO3	  
measurements	  during	  UBWOS	  2012	  is	  shown	  in	  Figure	  3-‐23.	  Individual	  values	  ranged	  up	  to	  4.2	  
ppbv	  on	  a	  single	  day	  (Feb.	  9)	  but	  in	  general	  the	  values	  were	  much	  lower	  than	  that.	  The	  
distribution	  of	  HNO3	  during	  UBWOS	  2012	  is	  shown	  in	  Figure	  3-‐24,	  which	  also	  provides	  a	  
comparison	  with	  the	  CalNex	  2010	  measurements	  made	  at	  the	  Pasadena	  ground	  site.	  There	  are	  
substantial	  differences	  in	  the	  two	  data	  sets,	  consistent	  with	  the	  lower	  photochemical	  activity	  
during	  UBWOS	  2012.	  	  	  


Nitrous	  acid	  has	  a	  number	  of	  sources	  in	  the	  lower	  atmosphere:	  the	  reaction	  of	  NO2	  on	  particles	  
and	  ground	  surfaces,	  the	  photolysis	  of	  nitrate	  on	  surfaces	  or	  in	  snow	  pack,	  and	  the	  photo-‐
assisted	  reduction	  of	  NO2	  via	  an	  organic	  chromophore.	  HONO	  is	  a	  potentially	  important	  radical	  
source	  as	  its	  photolysis	  is	  relatively	  rapid	  and	  yields	  OH	  radicals	  directly.	  This	  effect	  is	  most	  
important	  for	  daytime,	  when	  any	  HONO	  formed	  at	  this	  time	  would	  have	  an	  impact	  on	  the	  local	  
radical	  balance	  and	  hence	  ozone	  formation.	  A	  summary	  of	  the	  HONO	  distribution	  measured	  by	  
both	  the	  Acid	  CIMS	  and	  the	  DOAS	  long-‐path	  instrument	  (lowest	  light	  path)	  are	  shown	  in	  Figure	  
3-‐25,	  and	  compared	  to	  2	  other	  data	  sets,	  the	  CalNex	  2010	  Pasadena	  measurements	  and	  the	  
2011	  Weld	  County,	  CO.	  measurements.	  The	  Uintah	  Basin	  values	  were	  lower	  than	  the	  other	  2	  
data	  sets,	  a	  feature	  mainly	  reflective	  of	  the	  lower	  NOx	  values	  compared	  to	  CalNex	  2010	  and	  the	  
fact	  that	  the	  Weld	  County	  measurements	  were	  made	  at	  heights	  as	  low	  as	  2	  meters	  above	  
ground,	  which	  sampled	  the	  ground	  source	  more	  effectively	  than	  either	  UBWOS	  2012	  
measurement.	  The	  diurnal	  profile	  of	  HONO	  measurements	  during	  UBWOS	  2012	  is	  shown	  in	  
Figure	  3-‐26,	  for	  both	  the	  DOAS	  (individual	  points	  and	  averages)	  and	  the	  Acid	  CIMS	  (averages).	  
There	  is	  a	  distinct	  decrease	  in	  HONO	  at	  sunrise	  due	  to	  its	  relatively	  efficient	  photolysis	  (lifetimes	  
at	  local	  noon	  10-‐15	  minutes),	  but	  both	  instruments	  report	  measureable	  HONO	  in	  the	  daytime.	  
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The	  contribution	  of	  daytime	  HONO	  to	  the	  radical	  budget	  during	  UBWOS	  2012	  is	  discussed	  in	  a	  
subsequent	  section.	  There	  was	  no	  attempt	  to	  measure	  vertical	  profiles	  of	  HONO	  with	  the	  Acid	  
CIMS	  with	  a	  long	  inlet	  because	  of	  the	  absence	  of	  snow,	  however,	  there	  was	  evidence	  of	  local	  
photochemical	  production	  of	  HONO	  on	  surfaces	  adjacent	  to	  the	  short	  Acid	  CIMS	  inlet.	  An	  
example	  of	  these	  short-‐term	  HONO	  pulses	  is	  shown	  in	  Figure	  3-‐27	  for	  several	  days	  during	  the	  
study.	  This	  effect	  was	  apparent	  only	  at	  low	  winds	  speeds	  (<3	  m/s),	  which	  is	  consistent	  with	  a	  
local	  surface	  source.	  This	  HONO	  production	  is	  a	  real	  phenomenon	  and	  is	  consistent	  with	  
previous	  daytime	  HONO	  measurements;	  however,	  a	  local	  (tower)	  surface	  source	  is	  not	  
representative	  of	  the	  UBWOS	  2012	  environment,	  so	  these	  periods	  were	  edited	  out	  of	  the	  final	  
data	  file	  and	  were	  not	  include	  in	  the	  summaries	  shown	  in	  the	  above	  Figures.	  	  


Isocyanic	  acid	  is	  a	  relatively	  obscure	  compound	  that	  is	  a	  product	  of	  biomass	  burning	  and	  also	  a	  
photooxidation	  product	  of	  reduced	  nitrogen	  species,	  amines	  and	  amides	  [Roberts	  et	  al.,	  2011].	  
In	  addition,	  there	  is	  a	  potential	  for	  HNCO	  emissions	  from	  Urea-‐SCR	  (selective	  catalytic	  reduction)	  
NOx	  control	  systems.	  While	  there	  does	  not	  appear	  to	  be	  any	  of	  these	  SCR	  systems	  deployed	  in	  
this	  basin,	  it	  is	  useful	  to	  have	  baseline	  measurements	  of	  HNCO	  should	  this	  become	  a	  future	  
control	  strategy.	  HNCO	  levels	  during	  UBWOS	  2012	  ranged	  up	  to	  approximately	  0.12	  ppbv	  on	  a	  
few	  occasions,	  and	  averaged	  0.011ppbv.	  This	  was	  lower	  than	  the	  average	  level	  observed	  at	  the	  
Pasadena	  site	  during	  CalNex,	  0.025	  ppbv.	  The	  most	  significant	  correlation	  of	  HNCO	  was	  found	  to	  
be	  with	  formic	  acid	  as	  shown	  in	  Figure	  3-‐28,	  and	  there	  was	  no	  correlation	  of	  HNCO	  with	  
acetonitrile,	  a	  well-‐known	  biomass	  burning	  marker.	  These	  features	  imply	  that	  HNCO	  is	  a	  
photochemical	  product	  in	  this	  basin	  since	  formic	  acid	  is	  known	  to	  be	  photoproduct	  in	  VOC-‐NOx	  
impacted	  air	  masses	  [Veres	  et	  al.,	  2011].	  Both	  compounds	  deposit	  to	  ground	  surfaces,	  giving	  an	  
additional	  reason	  for	  this	  correlation.	  


Organic	  Acids	  
Formic	  acid	  is	  often	  the	  most	  abundant	  carboxylic	  acid	  in	  VOC-‐NOx	  impacted	  air	  basins.	  The	  
distribution	  of	  HC(O)OH	  observations	  from	  UBWOS	  2012	  and	  2	  previous	  studies	  are	  shown	  in	  
Figure	  A3.29.	  The	  mean	  and	  median	  Uintah	  Basin	  values	  were	  more	  than	  a	  factor	  3	  lower	  than	  
the	  values	  found	  at	  the	  Pasadena	  site	  during	  CalNex	  2010,	  and	  higher	  than	  the	  values	  found	  in	  
Weld	  County,	  CO.,	  during	  NACHTT.	  The	  diurnal	  profile	  of	  formic	  acid,	  plotted	  in	  Figure	  3-‐30,	  
shows	  the	  highest	  levels	  were	  found	  in	  the	  mid-‐morning	  through	  noon,	  and	  in	  the	  evening.	  The	  
average	  levels	  increased	  in	  the	  morning	  when	  the	  boundary	  layer	  started	  to	  mix,	  and	  were	  
higher	  into	  the	  early	  afternoon.	  This	  implies	  a	  boundary	  layer	  source	  of	  HC(O)OH	  and	  perhaps	  
some	  depositional	  losses	  at	  the	  surface.	  Two	  other	  organic	  acids	  were	  measured,	  butyric	  and	  
pyruvic	  acids	  (detected	  at	  the	  same	  mass),	  and	  were	  low,	  with	  a	  maximum	  of	  0.06	  ppbv,	  and	  
well	  correlated	  with	  formic	  acid.	  This	  implies	  a	  similar	  source	  for	  these	  three	  acids.	  	  	  
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Figure	  3-‐23.	  	  The	  diurnal	  profile	  of	  HNO3	  measurements	  during	  UBWOS	  2012.	  


	  


	  
Figure	  3-‐24.	  	  The	  distribution	  of	  HNO3	  from	  both	  the	  UBWOS	  2012	  and	  CalNex	  2010	  studies.	  	  
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Figure	  3-‐25.	  	  A	  summary	  of	  the	  HONO	  distributions	  from	  UBWOS	  2012,	  for	  both	  NOAA	  and	  UCLA	  DOAS	  
measurements	  (lowest	  light	  path),	  and	  the	  CalNex	  and	  NACHTT	  data	  sets.	  
	  


	  
Figure	  3-‐26.	  	  The	  diurnal	  profile	  of	  HONO	  measurements	  during	  UBWOS	  2012.	  
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Figure	  3-‐27.	  	  A	  timeline	  of	  HONO	  and	  NO2	  photolysis	  rate	  showing	  short-‐term	  HONO	  pulses	  correlated	  
with	  sunlight.	  
	  


	  


	  
Figure	  3-‐28.	  	  The	  correlation	  of	  HNCO	  with	  formic	  acid	  during	  UBWOS	  2012.	  	  
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Figure	  3-‐29.	  	  A	  comparison	  of	  the	  distribution	  of	  HC(O)OH	  observations	  UBWOS	  2012	  with	  those	  from	  2	  
other	  sites.	  	  
	  


	  
Figure	  3-‐30.	  	  The	  diurnal	  profile	  of	  formic	  acid	  measured	  at	  Horse	  Pool	  during	  UBWOS	  2012.	  The	  open	  
circles	  are	  individual	  one-‐minute	  averages	  and	  the	  line	  shows	  averages	  for	  each	  half-‐hour.	  
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Acylperoxynitrates	  (PANS)	  and	  Nitryl	  Chloride	  (ClNO2)	  
The	  chemistry	  of	  nitrogen	  oxides	  in	  the	  troposphere	  produces	  several	  unique	  products	  that	  have	  
significant	  diagnostic	  value	  (PANs),	  and	  can	  provide	  a	  source	  of	  radicals	  to	  the	  photochemical	  system	  
(ClNO2).	  	  This	  section	  presents	  the	  results	  of	  these	  measurements	  and	  some	  comparisons	  to	  other	  site	  
that	  are	  more	  representative	  of	  urban	  pollution.	  The	  contributions	  of	  PANs	  to	  the	  daytime	  odd-‐nitrogen	  
budget,	  and	  ClNO2	  to	  the	  nighttime	  odd-‐nitrogen	  budget	  are	  discussed	  in	  other	  sections.	  Likewise,	  the	  
extent	  of	  ClNO2	  participation	  in	  the	  radical	  budget	  is	  discussed	  in	  the	  section	  devoted	  to	  that	  subject.	  	  


PAN	  compounds	  are	  produced	  by	  the	  same	  VOC-‐NOx	  photochemistry	  that	  produces	  O3.	  For	  a	  number	  of	  
reasons,	  the	  formation	  of	  the	  C2	  PAN	  compound	  acetyl	  peroxynitrates	  (CH3C(O)OONO2)	  is	  favored	  by	  the	  
photochemistry	  that	  occurs	  in	  the	  typical	  mixture	  of	  VOCs	  found	  in	  urban	  and	  continental	  pollution	  
[Roberts,	  1990].	  This	  was	  also	  true	  during	  UBWOS	  2012	  where	  PAN	  represented	  90%	  of	  the	  total	  PAN-‐
type	  compounds.	  This	  section	  focuses	  exclusively	  on	  PAN	  since	  it	  is	  the	  major	  compound	  observed.	  	  


The	  key	  feature	  of	  PAN	  chemistry	  is	  that	  its	  formation	  is	  intimately	  linked	  to	  photochemical	  oxidation	  of	  
many	  VOCs,	  which	  results	  in	  production	  of	  peroxyacetyl	  radical;	  


	  


	   VOC	  +	  Radicals	  +	  O2	  =>	  CH3C(O)OO	   	   	   	   	   	   (1)	  


	  


Peroxyacetyl	  radicals	  take	  part	  in	  reversible	  reaction	  with	  NO2	  to	  form	  PAN;	  


	  


	   CH3C(O)OO	  +	  NO2	  	  <	  =	  >	  	  CH3C(O)OONO2	  	   	   	   	   	   (2)	  


	  


The	  equilibrium	  for	  this	  reaction	  has	  a	  strong	  temperature	  that	  has	  been	  studied	  extensively	  and	  lies	  far	  
in	  favor	  of	  PAN	  in	  the	  temperature	  range	  observed	  during	  UBWOS	  2012.	  	  As	  a	  result,	  the	  loss	  of	  PAN	  in	  
the	  UBWOS	  2012	  environment	  will	  be	  due	  mostly	  to	  deposition	  to	  the	  surface.	  	  


The	  range	  of	  PAN	  concentrations	  measured	  during	  UBWOS	  2012	  was	  quite	  modest	  when	  compared	  to	  
other	  urban	  and	  continental	  polluted	  sites,	  as	  shown	  in	  Figure	  3-‐31.	  The	  data	  sets	  being	  compared	  are	  
all	  from	  urban/suburban	  sites	  and	  were	  all	  acquired	  in	  the	  summer.	  The	  Nashville	  site	  was	  in	  the	  middle	  
of	  a	  suburban	  area	  surrounded	  by	  high	  biogenic	  VOC	  sources,	  and	  the	  results	  of	  this	  study	  can	  be	  found	  
in	  [Roberts	  et	  al.,	  2002].	  The	  Houston	  2000	  measurements	  were	  conducted	  in	  the	  suburban	  Houston	  
area	  adjacent	  to	  the	  Ship	  Channel	  petrochemical	  complex	  and	  are	  discussed	  in	  several	  publications	  
[Roberts	  et	  al.,	  2001a;	  Roberts	  et	  al.,	  2001b;	  Roberts	  et	  al.,	  2003].	  The	  CalNex	  2010	  measurements	  were	  
conducted	  in	  Pasadena,	  CA.,	  an	  area	  primarily	  impacted	  by	  motor	  vehicle	  sources	  with	  minor	  
contributions	  from	  biogenic	  VOCs.	  The	  CalNex	  data	  have	  not	  yet	  been	  published.	  The	  highest	  PAN	  
observations	  in	  the	  summertime	  data	  sets	  were	  all	  highly	  correlated	  with	  high	  O3	  values.	  	  


The	  features	  of	  PAN	  chemistry	  noted	  above	  can	  be	  seen	  in	  the	  average	  diurnal	  profile	  that	  was	  observed	  
during	  UBWOS	  2012	  as	  shown	  in	  Figure	  3-‐32.	  The	  average	  profile	  ranged	  from	  0.22	  to	  0.35	  ppbv,	  and	  
shows	  a	  slight	  increase	  through	  the	  morning	  to	  mid-‐afternoon	  time	  period	  (0900-‐1500	  local	  time).	  Also,	  
there	  is	  a	  slow	  decrease	  in	  average	  PAN	  from	  about	  2100	  to	  0600	  local	  time.	  These	  features	  are	  
consistent	  with	  slow	  deposition	  of	  PAN	  during	  the	  night,	  increased	  PAN	  in	  the	  morning	  due	  to	  mixing	  of	  
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slightly	  higher	  PAN	  down	  from	  aloft	  as	  the	  boundary	  layer	  develops,	  and	  a	  slight	  production	  of	  PAN	  in	  
the	  noon	  to	  afternoon	  time	  period.	  	  


Production	  of	  PAN	  is	  always	  accompanied	  by	  O3	  production	  due	  to	  the	  close	  coupling	  of	  both	  species	  to	  
VOC-‐NOx	  photochemistry.	  This	  results	  in	  the	  broad	  correlation	  of	  O3	  with	  PAN	  that	  has	  been	  observed	  in	  
numerous	  urban	  and	  continental	  data	  sets	  [Roberts	  et	  al.,	  1995].	  The	  correlation	  of	  PAN	  with	  O3	  in	  
UBWOS	  2012	  is	  shown	  in	  Figure	  3-‐33	  along	  with	  the	  correlation	  observed	  during	  the	  CalNex	  2010	  
Pasadena	  measurements.	  The	  range	  of	  observations	  during	  UBWOS	  2012	  is	  quite	  a	  bit	  smaller	  than	  
CalNex,	  and	  the	  UBWOS	  2012	  data	  do	  not	  show	  a	  clear	  positive	  correlation.	  However,	  there	  maybe	  
correlations	  on	  individual	  days	  that	  may	  be	  related	  to	  photochemistry,	  which	  will	  be	  a	  subject	  for	  
further	  investigation.	  	  	  	  


Nitryl	  chloride	  is	  a	  product	  of	  the	  nighttime	  reaction	  of	  N2O5	  with	  chloride	  on	  particle	  [Finlayson-‐Pitts	  et	  
al.,	  1989;	  Osthoff	  et	  al.,	  2008]	  or	  ground	  surfaces;	  


	  


	   N2O5	  +	  Cl-‐	  (surface)	  	  =>	  	  ClNO2	  +	  NO3
-‐	   	   	   	   	   	   (3)	  


	  


The	  formation	  rate	  of	  ClNO2	  can	  have	  a	  number	  of	  limited	  factors:	  the	  production	  of	  N2O5,	  the	  
availability	  of	  chloride,	  and	  the	  presence	  of	  sufficient	  surface	  area.	  There	  are	  not	  very	  many	  ClNO2	  
measurements	  to	  date,	  but	  typically	  sea	  salt	  chloride	  and	  its	  re-‐distribution	  through	  acid	  displacement	  is	  
the	  main	  source	  of	  soluble	  chloride	  in	  the	  lower	  atmosphere.	  The	  presence	  of	  oil	  and	  gas	  production	  
and	  its	  unique	  sources	  may	  provide	  other	  sources	  of	  chloride	  such	  as	  HCl	  and	  brine,	  potentially	  making	  
ClNO2	  an	  important	  component	  in	  the	  Uintah	  Basin.	  


The	  N2O5	  and	  ClNO2	  observations	  from	  UBWOS	  2012	  are	  shown	  in	  Figure	  3-‐34	  for	  the	  entire	  time	  period.	  
There	  are	  no	  ClNO2	  data	  available	  before	  1/22/2012	  due	  to	  inlet	  interferences.	  There	  is	  a	  general	  
correspondence	  between	  N2O5	  and	  ClNO2	  with	  similar	  concentration	  ranges,	  with	  the	  highest	  levels	  just	  
over	  2	  ppbv.	  Detailed	  analysis	  of	  individual	  nights	  along	  with	  aerosol	  surface	  and	  composition	  data	  will	  
be	  an	  on-‐going	  part	  of	  our	  investigation.	  


The	  composite	  plot	  of	  ClNO2	  versus	  time	  of	  day	  in	  shown	  in	  Figure	  3-‐35	  and	  illustrates	  several	  
interesting	  points.	  ClNO2,	  while	  formed	  exclusively	  at	  night,	  persists	  into	  the	  morning	  hours	  and	  is	  
available	  to	  serve	  as	  a	  radical	  source	  during	  this	  time.	  The	  timing	  of	  this	  ClNO2	  persistence	  is	  due	  to	  a	  
photolysis	  rate	  that	  is	  moderate	  compared	  to	  other	  photo-‐labile	  species	  such	  as	  NO3,	  and	  somewhat	  
temperature	  dependent	  [Ghosh	  et	  al.,	  2012].	  The	  noon	  to	  afternoon	  ClNO2	  levels	  were	  usually	  at	  or	  
below	  detection	  limit	  (0.025ppbv).	  	  


It	  is	  useful	  to	  compare	  the	  UBWOS	  2012	  ClNO2	  values	  with	  measurements	  for	  other	  sites.	  Figure	  3-‐36	  
shows	  summaries	  of	  data	  sets	  from	  the	  CalNex	  2010	  Pasadena	  site,	  and	  the	  Weld	  County,	  CO	  
measurements,	  which	  were	  made	  in	  February	  and	  March	  2011.	  In	  a	  broad	  sense,	  the	  chloride	  sources	  at	  
each	  site	  appear	  to	  have	  the	  largest	  influence	  over	  the	  magnitudes	  of	  the	  average	  and	  maximum	  ClNO2	  
levels	  that	  were	  observed.	  Pasadena,	  being	  in	  the	  LA	  basin,	  is	  impacted	  by	  sea	  salt	  chloride,	  which	  is	  
readily	  redistributed	  to	  all	  particle	  size	  ranges	  through	  acid	  displacement.	  The	  Weld	  County	  site	  is	  in	  the	  
middle	  of	  the	  continent,	  not	  far	  from	  the	  site	  used	  by	  Thornton	  et	  al.,[Thornton	  et	  al.,	  2010].	  In	  this	  
case,	  chloride	  sources	  are	  smaller	  and	  more	  diverse,	  ranging	  from	  soils,	  to	  point	  source	  of	  HCl	  (power	  
plants),	  with	  some	  evidence	  of	  long-‐range	  transport	  of	  sea	  salt.	  Understanding	  the	  chloride	  sources	  
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operating	  in	  the	  Uintah	  Basin	  will	  be	  an	  important	  aspect	  of	  assessing	  the	  impact	  of	  ClNO2	  formation,	  
particularly	  if	  this	  chemistry	  ends	  up	  being	  an	  important	  radical	  source	  in	  the	  winter	  ozone	  formation.	  	  


	   	  


	  
Figure	  3-‐31.	  	  Summary	  distributions	  of	  PAN	  measured	  at	  four	  different	  sites	  in	  the	  U.S.	  including	  the	  
UBWOS	  2012	  data.	  The	  bars	  show	  the	  max	  and	  min,	  the	  box	  shows	  the	  central	  50%,	  the	  center	  bar	  
shows	  the	  median,	  and	  the	  open	  circle	  shows	  the	  average	  of	  the	  each	  data	  set.	  
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Figure	  3-‐32.	  	  A	  composite	  of	  measured	  PAN	  versus	  time	  of	  day	  (local	  time)	  for	  the	  entire	  UBWOS	  2012	  
data	  set.	  The	  dots	  are	  individual	  5-‐minute	  determinations,	  and	  the	  line	  is	  the	  average	  for	  each	  half-‐hour.	  	  
	  


	  
Figure	  3-‐33.	  	  The	  correlation	  of	  O3	  and	  PAN	  observed	  during	  the	  CalNex	  Pasadena	  project	  (red	  crosses),	  
and	  during	  the	  UBWOS	  2012	  experiment	  (blue	  circles).	  The	  CalNex	  O3	  data	  are	  from	  Barry	  Lefer.	  All	  
other	  data	  are	  from	  NOAA/ESRL/CSD.	  	  
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Figure	  3-‐34.	  	  Timelines	  of	  measured	  ClNO2,	  N2O5,	  and	  NO3	  photolysis	  rate	  (jNO3	  shown	  to	  indicate	  
daylight)	  for	  the	  entire	  UBWOS	  2012	  intensive	  period.	  	  
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Figure	  3-‐35.	  	  A	  composite	  of	  measured	  ClNO2	  versus	  time	  of	  day	  (local	  time).	  The	  individual	  dots	  are	  1-‐
minute	  averages,	  and	  the	  line	  is	  the	  average	  for	  each	  half	  hour.	  	  
	  


	  
Figure	  3-‐36.	  	  Comparison	  of	  measured	  ClNO2	  distributions	  from	  three	  different	  field	  projects,	  including	  
UBWOS	  2012.	  The	  CalNex	  data	  are	  from	  Osthoff	  and	  Mielke	  (manuscript	  in	  preparation),	  and	  the	  Weld	  
County	  data	  were	  taken	  during	  the	  NACHTT	  2011	  study	  (Reidel	  and	  Thornton,	  un-‐published	  data).	  	  
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Nightime	  Chemistry	  
The	  nighttime	  chemistry	  of	  nitrogen	  oxides	  is	  relevant	  in	  several	  respects	  to	  the	  wintertime	  ozone	  
problem	  in	  western	  oil	  and	  gas	  producing	  basins.	  


First,	  dark	  oxidation	  of	  NOx	  (=NO+NO2)	  to	  the	  nighttime	  nitrogen	  oxides,	  NO3	  and	  N2O5,	  is	  one	  of	  the	  
principal	  mechanisms	  by	  which	  NOx	  is	  chemically	  removed	  from	  ambient	  air.	  


	  


	   NO	  	  +	  	  O3	  	  →	  	  NO2	  	  +	  	  O2	  	  	   (R1)	  


	   NO2	  	  +	  	  O3	  	  →	  	  NO3	  	  +	  	  O2	  	  	   (R2)	  


	   NO3	  	  +	  	  NO2	  	  D	  	  N2O5	  	  	   (R3)	  


	  


Since	  NOx	  is	  one	  of	  the	  key	  ingredients	  for	  daytime	  photochemical	  ozone	  production,	  the	  magnitude	  of	  
its	  nighttime	  removal,	  which	  does	  not	  lead	  to	  ozone	  formation,	  is	  important	  to	  the	  NOx	  budget.	  	  
Furthermore,	  during	  short	  winter	  days	  with	  low	  sun	  angle,	  photochemical	  NOx


	  removal	  via	  reaction	  of	  
NO2	  with	  OH	  is	  much	  slower	  than	  it	  is	  during	  summertime.	  	  The	  oxidation	  of	  NO2	  by	  O3	  (R2)	  is	  also	  
slower	  in	  winter	  but	  is	  capable	  of	  converting	  30-‐80%	  of	  the	  NOx	  present	  at	  sunset	  to	  NO3	  and	  N2O5	  
within	  a	  given	  air	  mass	  over	  the	  course	  of	  a	  single	  night.	  	  The	  reaction	  sequence	  also	  consumes	  ozone,	  
with	  three	  O3	  molecules	  required	  to	  produce	  one	  N2O5	  molecule.	  	  Thus,	  it	  can	  represent	  a	  significant	  
ozone	  sink	  if	  the	  ratio	  of	  NOx	  emissions	  to	  background	  ozone	  is	  substantial.	  	  The	  subsequent	  reactions	  of	  
NO3	  and	  N2O5	  determine	  the	  overnight	  fate	  of	  NOx	  and	  Ox	  (=O3	  +	  NO2).	  	  This	  mechanism	  is	  generally	  
unimportant	  during	  daylight	  due	  to	  the	  photochemical	  instability	  of	  NO3,	  which	  photolyzes	  rapidly	  and	  
reacts	  with	  photochemically	  generated	  NO.	  	  Reaction	  of	  NO3	  with	  VOCs	  is	  important	  during	  summer	  but	  
generally	  unimportant	  during	  winter	  because	  the	  equilibrium	  in	  (R3)	  is	  strongly	  temperature	  dependent,	  
such	  that	  the	  concentration	  of	  NO3	  is	  normally	  quite	  small	  at	  cold	  temperatures.	  	  Heterogeneous	  uptake	  
of	  N2O5	  on	  aerosol	  is	  important	  during	  wintertime	  and	  can	  represent	  a	  permanent	  sink	  for	  nitrogen	  
oxides	  if	  the	  principle	  reaction	  product	  is	  HNO3.	  


	  


	   N2O5	  (g)	  	  +	  	  H2O	  (l)	  	  →	  	  2HNO3	  (g)	   (R4)	  


	  


Reaction	  (R4)	  is	  written	  with	  liquid	  phase	  water,	  where	  the	  liquid	  water	  is	  presumed	  present	  in	  the	  
aerosol	  phase.	  The	  efficiency	  of	  the	  reaction	  sequence	  (R1-‐R4)	  in	  removing	  nitrogen	  oxides	  overnight	  
depends	  on	  the	  ambient	  ozone	  concentration	  and	  temperature,	  which	  determine	  the	  rate	  of	  (R2),	  and	  
on	  the	  available	  aerosol	  surface	  area,	  Sa,	  and	  the	  N2O5	  uptake	  coefficient,	  γ(N2O5),	  which	  determine	  the	  
first	  order	  loss	  rate	  coefficient	  for	  N2O5,	  k(N2O5)	  (s-‐1),	  in	  (R4).	  


	  


	   𝑘 𝑁!𝑂! =    !
!
𝑐𝑆!𝛾(𝑁!𝑂!)	   (1)	  


	  


Here	  c	  is	  the	  mean	  molecular	  speed	  of	  N2O5.	  
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A	  second	  aspect	  of	  nighttime	  nitrogen	  oxide	  chemistry	  relevant	  to	  daytime	  ozone	  formation	  is	  the	  
formation	  of	  radical	  reservoirs	  that	  are	  photochemically	  active	  on	  the	  following	  day.	  	  Radical	  reservoirs	  
are	  any	  species	  that	  form	  chemically	  or	  are	  directly	  emitted	  at	  night,	  and	  that	  undergo	  photolysis	  in	  
sunlight	  to	  produce	  free	  radicals	  that	  initiate	  the	  degradation	  of	  VOCs.	  	  Nighttime	  radical	  reservoirs	  can	  
be	  a	  particularly	  important	  radical	  source	  during	  wintertime,	  when	  photochemical	  OH	  radical	  production	  
through	  ozone	  photolysis	  is	  greatly	  reduced.	  	  There	  are	  two	  nighttime	  nitrogen	  oxide	  reactions	  the	  
produce	  radical	  reservoirs,	  and	  both	  are	  heterogeneous.	  	  The	  first	  is	  the	  reaction	  of	  N2O5	  with	  aerosol	  
phase	  chloride	  to	  produce	  nitryl	  chloride,	  ClNO2,	  which	  photolyzes	  in	  sunlight	  to	  produce	  Cl	  atoms	  and	  
regenerate	  NO2.	  


	  


	   N2O5	  (g)	  	  +	  	  Cl-‐	  (aq)	  	  →	  	  NO3
-‐	  (aq)	  	  +	  	  ClNO2	  (g)	   (R5)	  


	  


Reaction	  (R5)	  competes	  with	  (R4)	  and	  depends	  upon	  the	  relative	  concentrations	  of	  liquid	  water	  and	  
chloride	  in	  the	  aerosol	  phase.	  	  The	  NO3


-‐	  produced	  in	  this	  reaction	  may	  be	  released	  to	  the	  gas	  phase	  as	  
HNO3	  depending	  on	  the	  thermodynamic	  stability	  of	  aerosol	  phase	  nitrate.	  	  The	  yield	  of	  ClNO2,	  Φ(ClNO2),	  
is	  defined	  as	  the	  first	  order	  rate	  coefficients	  for	  the	  two	  reactions.	  


	  


	   Φ 𝐶𝑙𝑁O! =   𝑘! 𝑘! + 𝑘! = 𝑘!/𝑘(𝑁!𝑂!)	   (2)	  


	  


The	  other	  reaction	  of	  importance	  is	  the	  heterogeneous	  reaction	  of	  NO2	  to	  produce	  nitrous	  acid,	  HONO,	  
which	  also	  photolyzes	  in	  sunlight	  to	  release	  OH	  radicals	  and	  regenerate	  NOx.	  	  This	  is	  thought	  to	  be	  a	  
disproportionation	  reaction	  of	  NO2	  with	  liquid	  water	  that	  occurs	  more	  readily	  on	  ground	  surfaces	  than	  
on	  aerosol	  surfaces.	  


	  


	   2NO2	  (g)	  	  +	  	  H2O	  (l)	  	  →	  	  HNO3	  (g)	  +	  	  HONO	  (g)	   (R6)	  


	  


Nitrous	  acid	  may	  also	  be	  directly	  emitted	  from	  combustion	  processes	  as	  part	  of	  the	  total	  NOx	  emissions.	  	  
Some	  studies	  have	  also	  indicated	  a	  much	  more	  rapid	  conversion	  of	  NO2	  to	  HONO	  during	  daylight	  hours,	  
though	  the	  mechanism	  for	  rapid	  photochemical	  HONO	  production	  remains	  uncertain.	  	  This	  analysis	  will	  
only	  consider	  the	  nighttime	  produced	  HONO.	  


Figure	  3-‐37	  shows	  the	  diurnally	  averaged	  data	  from	  the	  Horse	  Pool	  site	  for	  ozone	  (O3)	  and	  odd	  oxygen	  
(Ox	  =	  O3	  +	  NO2	  +3N2O5)	  in	  panel	  A,	  NO2,	  NOx	  and	  total	  reactive	  nitrogen	  (NOy)	  in	  panel	  B,	  and	  N2O5,	  ClNO2	  
and	  HONO	  in	  panel	  C.	  	  Data	  for	  all	  species	  other	  than	  HONO	  are	  from	  in-‐situ	  instruments	  located	  at	  
Horse	  Pool,	  while	  HONO	  is	  from	  the	  lowest	  path	  of	  the	  long-‐path	  DOAS	  instrument.	  	  All	  data	  are	  shown	  
at	  1-‐minute	  time	  resolution	  except	  for	  ClNO2	  (5	  min)	  and	  HONO	  (30	  min).	  	  The	  color	  code	  on	  the	  
background	  of	  the	  figure	  indicates	  the	  average	  length	  of	  night	  (grey)	  and	  day	  (yellow)	  during	  the	  January	  
15	  -‐	  February	  29,	  2012	  period	  of	  the	  Horse	  Pool	  intensive	  study.	  	  The	  average	  day	  length	  (solar	  zenith	  
angle	  <	  90°)	  was	  10.2	  hours,	  varying	  from	  9.45	  hours	  on	  January	  15	  to	  11.05	  hours	  on	  February	  29.	  	  All	  of	  
the	  diurnally	  average	  data	  in	  Figure	  3-‐37	  excludes	  periods	  of	  higher	  winds	  in	  order	  to	  capture	  the	  
quiescent	  periods	  in	  the	  Uintah	  Basin.	  	  Figure	  3-‐38	  shows	  the	  time	  series	  of	  wind	  data	  (panel	  A)	  and	  the	  
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distribution	  (panel	  B).	  	  Data	  for	  diurnal	  averages	  were	  filtered	  at	  the	  2σ	  wind	  speed	  from	  a	  Gaussian	  fit	  
to	  the	  peak	  of	  the	  low	  wind	  speed	  distribution	  in	  Figure	  3-‐38B.	  	  The	  dashed	  line	  in	  Figure	  3-‐38A	  shows	  
this	  4.4	  m	  s-‐1	  threshold.	  	  Exclusion	  of	  the	  higher	  wind	  data	  removes	  approximately	  10%	  of	  the	  data	  for	  
the	  six-‐week	  period.	  


The	  diurnal	  cycle	  in	  O3	  in	  Figure	  3-‐37A	  is	  relatively	  typical,	  varying	  from	  22	  ppbv	  near	  dawn	  to	  38	  ppbv	  in	  
late	  afternoon.	  	  The	  daytime	  increase	  is	  consistent	  with	  either	  photochemistry	  or	  mixing	  of	  ozone	  rich	  
air	  from	  aloft	  during	  the	  breakup	  of	  the	  boundary	  layer,	  while	  the	  nighttime	  decrease	  is	  consistent	  with	  
both	  depositional	  loss	  to	  the	  surface	  and	  titration	  by	  NOx	  emissions.	  	  The	  diurnal	  cycle	  in	  Ox	  is	  less	  
pronounced,	  varying	  from	  30	  –	  40	  ppbv	  from	  early	  morning	  to	  late	  afternoon.	  	  The	  nighttime	  decay	  in	  Ox	  
indicates	  that	  not	  all	  of	  the	  ozone	  loss	  is	  due	  to	  chemical	  reaction	  with	  NOx	  emissions,	  but	  must	  also	  
include	  a	  depositional	  term.	  	  This	  model	  described	  below	  quantifies	  this	  depositional	  loss.	  


The	  majority	  of	  NOy	  in	  Figure	  3-‐37B	  is	  made	  up	  of	  NOx,	  indicating	  that	  NOx	  oxidation	  proceeds	  slowly	  in	  
this	  environment.	  	  The	  average	  NOx/NOy	  ratio	  was	  0.82	  ±	  0.06	  and	  was	  on	  average	  slightly	  less	  oxidized	  
during	  daytime	  (NOx/NOy	  =	  0.84)	  relative	  to	  nighttime	  (NOx/NOy	  =	  0.81).	  	  The	  nighttime	  buildup	  of	  
reactive	  nitrogen	  species	  is	  consistent	  with	  continuous	  emission	  into	  a	  shallow	  nocturnal	  boundary	  
layer,	  while	  the	  late	  afternoon	  decrease	  is	  consistent	  with	  dilution	  during	  boundary	  layer	  growth.	  	  The	  
diurnal	  pattern	  of	  reactive	  nitrogen	  is	  similar	  to	  that	  of	  stable	  gases,	  such	  as	  CO2,	  CH4	  and	  CO,	  which	  also	  
show	  nighttime	  buildup	  and	  late	  afternoon	  dilution.	  	  The	  model	  below	  quantifies	  the	  NOx	  emissions	  
consistent	  with	  the	  nighttime	  buildup.	  


Figure	  3-‐37C	  shows	  ClNO2,	  N2O5	  and	  HONO.	  	  The	  ClNO2	  and	  N2O5	  are	  quite	  comparable	  in	  magnitude	  
and	  have	  a	  clear	  diurnal	  cycle,	  with	  nighttime	  production	  and	  daytime	  loss.	  	  The	  loss	  of	  N2O5	  after	  
sunrise	  results	  from	  its	  thermal	  lifetime	  (reverse	  reaction	  in	  (R3)),	  which	  is	  approximately	  23	  minutes	  at	  
the	  average	  morning	  temperature	  of	  -‐3.5	  °C.	  	  The	  loss	  of	  ClNO2	  is	  slower	  and	  is	  determined	  by	  
photolysis,	  mixing	  and	  surface	  deposition.	  	  The	  diurnal	  cycle	  in	  HONO	  is	  less	  distinct,	  with	  a	  nightly	  
maximum	  and	  daytime	  minimum	  of	  0.1	  and	  0.05	  ppbv,	  respectively.	  


Figure	  3-‐39	  shows	  the	  diurnally	  averaged	  ratio	  of	  NOx	  to	  NOy	  (panel	  A)	  and	  the	  partitioning	  among	  the	  
species	  that	  make	  up	  oxidized	  nitrogen	  (NOz	  =	  NOy	  –	  NOx,	  panel	  B).	  	  As	  described	  above,	  the	  ratio	  of	  NOx	  
to	  NOy	  was	  generally	  smaller	  at	  night,	  although	  it	  was	  also	  at	  a	  minimum	  in	  late	  afternoon	  during	  the	  
period	  when	  the	  boundary	  layer	  was	  well	  mixed.	  	  It	  was	  higher	  in	  early	  morning,	  following	  the	  decay	  of	  
N2O5,	  and	  again	  in	  early	  evening	  after	  the	  collapse	  of	  the	  daytime	  boundary	  layer.	  	  During	  nighttime,	  the	  
dominant	  component	  of	  NOz	  was	  N2O5,	  which	  contains	  two	  nitrogen	  atoms,	  followed	  by	  ClNO2.	  	  PAN	  
showed	  weak	  photochemical	  production	  in	  late	  afternoon	  and	  a	  small,	  steady	  level	  during	  nighttime	  
hours.	  	  HONO	  is	  not	  shown	  on	  this	  plot	  but	  would	  be	  a	  small	  component	  of	  NOz.	  	  At	  the	  time	  of	  this	  
analysis,	  there	  is	  not	  a	  sufficient	  time	  series	  of	  HNO3	  for	  comparison	  of	  its	  contribution	  to	  NOy	  or	  NOz.	  	  
The	  combination	  of	  N2O5,	  ClNO2,	  PAN	  and	  HONO	  accounts	  for	  the	  majority	  of	  NOz	  at	  night,	  even	  though	  
the	  production	  of	  ClNO2	  implies	  at	  least	  as	  much	  HNO3	  production	  as	  ClNO2.	  	  However,	  HNO3	  may	  be	  
readily	  lost	  to	  dry	  deposition	  (see	  model	  description	  below).	  	  Nitric	  acid	  may	  also	  be	  a	  large	  component	  
of	  the	  unaccounted	  NOz	  during	  daytime	  in	  Figure	  3-‐39B.	  


To	  understand	  the	  nighttime	  budget	  for	  nitrogen	  oxides	  and	  its	  potential	  to	  remove	  reactive	  nitrogen	  
from	  the	  system	  or	  to	  act	  as	  a	  source	  for	  radical	  reservoirs,	  the	  averaged	  nighttime	  trends	  in	  reactive	  
nitrogen	  species	  are	  compared	  to	  a	  chemical	  box	  model.	  	  A	  box	  model	  is	  appropriate	  for	  the	  quiescent	  
periods	  at	  the	  Horse	  Pool	  site	  if	  the	  average	  horizontal	  distribution	  of	  pollutions	  and	  their	  transport	  is	  
uniform,	  and	  if	  the	  average	  nighttime	  boundary	  layer	  depth	  is	  constant	  over	  the	  night.	  	  The	  box	  model	  
provides	  a	  quantitative	  interpretation	  of	  the	  chemical	  transformations	  within	  the	  air	  mass.	  	  It	  includes	  
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the	  reactions	  described	  above,	  as	  well	  as	  NOx	  emission	  and	  O3	  deposition.	  	  The	  model	  does	  not	  include	  
temperature	  variations	  over	  the	  course	  of	  the	  night,	  holding	  all	  reaction	  rate	  coefficients	  constant	  at	  the	  
average	  nighttime	  temperature	  of	  -‐1	  °C.	  	  The	  model	  runs	  for	  13	  hours	  from	  sunset	  in	  order	  to	  model	  
only	  the	  periods	  that	  were	  dark	  during	  the	  entire	  duration	  of	  the	  campaign.	  	  Parameters	  in	  the	  model	  
are	  initialized	  by	  the	  observations	  at	  sunset	  and	  tuned	  to	  match	  the	  observations	  13	  hours	  later.	  	  	  


Figure	  3-‐40	  shows	  the	  comparison	  between	  model	  and	  measured	  NO2	  (panel	  A)	  and	  ozone	  (panel	  B).	  	  
The	  NO2	  mixing	  ratio	  (equivalent	  to	  total	  NOx	  during	  darkness)	  rose	  from	  4.3	  to	  6.9	  ppbv	  during	  13	  
hours.	  	  This	  rise	  together	  with	  the	  nighttime	  chemistry	  is	  reproduced	  by	  a	  NOx	  emission	  rate	  equivalent	  
to	  0.42	  ppbv	  hr–1,	  as	  shown	  in	  the	  figure.	  	  This	  rate	  would	  be	  equivalent	  to	  an	  emission	  of	  0.071	  kg	  NOx	  
km-‐2	  hr–1	  for	  an	  assumed	  nocturnal	  boundary	  layer	  depth	  of	  100	  m.	  	  Average	  O3	  decreased	  from	  35.7	  to	  
22.8	  ppbv	  in	  13	  hours	  and	  was	  best	  fit	  by	  the	  NOx	  emission	  rate	  described	  above	  (where	  NOx	  is	  assumed	  
to	  be	  emitted	  exclusively	  as	  NO)	  together	  with	  a	  first-‐order	  depositional	  loss	  rate	  coefficient	  of	  4.4×10-‐6	  
s-‐1	  (lifetime	  with	  respect	  to	  deposition	  of	  63	  hours).	  	  This	  loss	  rate	  coefficient	  is	  equivalent	  to	  a	  
deposition	  velocity	  of	  0.2	  cm	  s-‐1	  for	  an	  assumed	  100	  m	  nocturnal	  boundary	  layer	  depth.	  	  The	  model	  
predicts	  that	  approximately	  half	  of	  the	  ozone	  loss	  is	  due	  to	  chemical	  reactions	  of	  nitrogen	  oxides,	  and	  
the	  other	  half	  is	  lost	  to	  deposition.	  	  Of	  the	  amount	  lost	  to	  chemical	  reactions	  overnight,	  approximately	  
2/3	  is	  retained	  at	  sunrise	  in	  the	  form	  of	  the	  odd	  oxygen	  containing	  species	  NO2,	  N2O5	  and	  ClNO2.	  


Figure	  3-‐41	  shows	  model-‐to-‐measurement	  comparison	  for	  nighttime	  N2O5	  (panel	  A),	  the	  N2O5	  lifetime,	  
τ(N2O5)	  (panel	  B),	  and	  ClNO2	  (panel	  C).	  	  The	  model	  reproduces	  the	  averaged	  N2O5	  nicely	  with	  a	  lifetime	  
for	  heterogeneous	  uptake	  of	  4.2	  hours.	  	  Aerosol	  surface	  area	  was	  not	  available	  at	  the	  time	  of	  this	  
analysis,	  but	  this	  lifetime	  would	  be	  equivalent	  to	  an	  uptake	  coefficient	  of	  0.0045	  for	  a	  typical	  aerosol	  
surface	  area	  of	  250	  µm2	  cm-‐3.	  	  This	  uptake	  coefficient	  is	  relatively	  small	  but	  not	  inconsistent	  with	  the	  
range	  of	  relative	  humidity,	  which	  varied	  from	  45%	  at	  sunset	  to	  70%	  at	  sunrise.	  	  Figure	  3-‐41B	  shows	  the	  
evolution	  of	  the	  steady	  state	  N2O5	  lifetime	  over	  13	  hours.	  	  The	  actual	  lifetime	  used	  as	  a	  model	  input	  is	  
shown	  as	  the	  dotted-‐dash	  line	  at	  the	  top	  of	  the	  figure,	  and	  is	  constant	  at	  4.2	  hours.	  	  The	  steady	  state	  
lifetime	  is	  defined	  as	  the	  ratio	  of	  the	  observed	  N2O5	  mixing	  ratio	  to	  its	  production	  rate	  from	  the	  reaction	  
of	  NO2	  with	  O3.	  


	  


	   𝜏!! 𝑁!𝑂! = 𝑁!𝑂! 𝑘!𝑁𝑂!𝑂!	   (3)	  


	  


The	  steady	  state	  lifetime	  in	  both	  the	  model	  and	  the	  observations	  approaches	  the	  actual	  lifetime	  but	  
does	  not	  reach	  it	  in	  the	  course	  of	  13	  hours,	  indicating	  that	  N2O5	  never	  reaches	  steady	  state	  between	  its	  
production	  and	  loss.	  	  This	  behavior	  is	  typical	  for	  cold,	  high	  NOx	  conditions.	  	  The	  ClNO2	  in	  the	  lower	  panel	  
of	  Figure	  3-‐41	  rises	  from	  a	  slightly	  non-‐zero	  value	  (a	  result	  of	  the	  averaging	  here,	  where	  the	  zero	  time	  
captures	  varying	  times	  since	  sunset	  over	  the	  course	  of	  the	  six	  week	  period)	  to	  0.44	  ppbv.	  	  The	  model	  
captures	  the	  magnitude	  of	  this	  rise	  with	  a	  ClNO2	  yield	  of	  45%.	  	  The	  model	  does	  not,	  however,	  capture	  
the	  observed	  time	  dependence	  of	  ClNO2,	  which	  rises	  faster	  at	  early	  times	  and	  more	  slowly	  at	  later	  times.	  	  
This	  discrepancy	  may	  indicate	  that	  there	  is	  a	  chemical	  process	  not	  captured	  in	  the	  model.	  	  For	  example,	  
the	  yield	  of	  ClNO2	  may	  vary	  systematically	  with	  time	  if	  aerosol	  uptake	  of	  N2O5	  via	  reaction	  (R5)	  depletes	  
the	  reservoir	  of	  aerosol	  phase	  chloride	  over	  the	  course	  of	  a	  night.	  	  Alternatively,	  a	  depositional	  loss	  
process	  for	  ClNO2	  such	  as	  soil	  uptake	  would	  alter	  its	  time	  dependence	  and	  lead	  to	  an	  under-‐estimate	  for	  
its	  yield.	  	  The	  reasons	  for	  the	  model-‐measurement	  discrepancy	  in	  the	  temporal	  profile	  of	  ClNO2	  are	  
currently	  being	  investigated.	  	  A	  ClNO2	  yield	  of	  45%,	  however,	  is	  a	  surprising	  result	  and	  indicates	  that	  a	  
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large	  fraction	  of	  the	  produced	  N2O5	  reacts	  to	  form	  this	  radical	  reservoir.	  	  The	  source	  of	  the	  required	  
chloride	  is	  an	  area	  of	  current	  investigation.	  


Finally,	  Figure	  3-‐42	  shows	  the	  model	  prediction	  of	  NOz	  and	  its	  speciation	  compared	  to	  the	  
measurements.	  	  The	  mixing	  ratio	  of	  PAN,	  shown	  in	  Figure	  3-‐39,	  is	  not	  included	  here	  since	  the	  nighttime	  
model	  does	  not	  produce	  PAN.	  	  The	  observed	  NOz	  is	  offset	  to	  an	  average	  of	  zero	  at	  sunset	  for	  comparison	  
to	  this	  model,	  such	  that	  the	  lack	  of	  an	  offset	  for	  PAN	  should	  not	  affect	  the	  simulation	  of	  the	  production	  
of	  oxidized	  nitrogen	  at	  night.	  Modeled	  NOz	  over-‐predicts	  measured	  NOz	  over	  the	  course	  of	  the	  
simulation,	  consistent	  with	  the	  loss	  of	  HNO3	  to	  deposition.	  	  By	  the	  end	  of	  the	  night,	  HNO3	  is	  the	  largest	  
single	  component	  of	  modeled	  NOz,	  but	  HNO3	  is	  not	  likely	  conserved	  in	  the	  gas	  phase.	  	  Dry	  depositional	  
loss	  with	  a	  deposition	  velocity	  of	  1	  cm	  s-‐1	  in	  a	  100	  m	  boundary	  layer	  would	  result	  in	  a	  2.8-‐hour	  lifetime	  
for	  HNO3,	  which	  would	  consume	  a	  large	  fraction	  of	  the	  predicted	  HNO3	  production.	  	  The	  growth	  in	  NOz	  
approximately	  follows	  the	  sum	  of	  2×N2O5	  +	  ClNO2,	  with	  only	  a	  small	  offset	  attributable	  to	  HNO3	  not	  lost	  
to	  deposition.	  	  Growth	  of	  HONO	  from	  0.05	  to	  0.1	  ppbv	  (less	  a	  0.05	  ppbv	  offset	  at	  sunset),	  equivalent	  to	  
an	  first	  order	  loss	  rate	  coefficient	  of	  NO2	  of	  2×10-‐7	  s-‐1,	  is	  also	  included	  in	  the	  model	  but	  does	  not	  
significantly	  contribute	  to	  oxidized	  nitrogen	  in	  this	  simulation.	  	  It	  is	  possible	  that	  the	  actual	  loss	  of	  NO2	  is	  
more	  rapid	  and	  that	  there	  is	  a	  depositional	  sink	  for	  HONO	  to	  the	  soil	  as	  well.	  	  The	  potential	  for	  this	  NO2	  
heterogeneous	  process	  to	  act	  as	  a	  larger	  nighttime	  radical	  reservoir	  source	  under	  snow-‐covered	  
conditions	  is	  also	  currently	  under	  investigation.	  
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Figure	  3-‐37.	  	  Diurnally	  averaged	  data	  for	  A.	  O3	  and	  Ox,	  B.	  NO2,	  NOx	  and	  NOy	  and	  C.	  N2O5,	  ClNO2	  and	  
HONO	  for	  the	  Horse	  Pool	  site.	  	  Data	  are	  filtered	  as	  described	  in	  the	  text	  and	  shown	  in	  Figure	  3-‐38.	  
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Figure	  3-‐38.	  	  Time	  series	  (A)	  and	  distribution	  (B)	  of	  wind	  speeds	  during	  the	  Horse	  Pool	  intensive.	  	  
Diurnally	  averaged	  data	  have	  been	  filtered	  to	  include	  only	  data	  within	  2σ	  of	  the	  low	  wind	  speed	  peak,	  or	  
90%	  of	  the	  data.	  
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Figure	  3-‐39.	  	  Diurnal	  average	  of	  the	  ratio	  of	  NOx	  /	  NOy	  (A)	  and	  NOz	  =	  NOx	  –	  NOy,	  together	  with	  PAN,	  
ClNO2	  and	  2×N2O5	  (B).	  
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Figure	  3-‐40.	  	  Comparison	  of	  a	  nighttime	  nitrogen	  oxide	  box	  model	  (dashed	  lines)	  to	  the	  nighttime	  
diurnal	  average	  data	  (solid	  lines)	  for	  NO2	  (A)	  and	  O3	  (B).	  	  Time	  zero	  is	  sunset.	  	  	  
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Figure	  3-‐41.	  	  Comparison	  of	  a	  nighttime	  nitrogen	  oxide	  box	  model	  (dashed	  lines)	  to	  the	  nighttime	  
diurnal	  average	  data	  (solid	  lines)	  for	  N2O5	  (A),	  τ(N2O5)	  (B)	  and	  ClNO2	  (C).	  	  Dotted	  dashed	  line	  in	  panel	  B	  is	  
the	  constant,	  actual	  lifetime	  of	  N2O5	  in	  the	  model,	  as	  described	  in	  the	  text.	  
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Figure	  3-‐42.	  	  Comparison	  of	  a	  nighttime	  nitrogen	  oxide	  box	  model	  (dashed	  line)	  to	  the	  nighttime	  diurnal	  
average	  data	  (solid	  lines)	  for	  NOz.	  	  Solid	  areas	  show	  the	  model	  predicted	  components	  of	  NOz	  as	  indicated	  
in	  the	  legend.	  	  
	  


Radical	  Sources	  
The	  oxidant	  chemistry	  of	  the	  troposphere	  is	  driven	  primarily	  by	  the	  photolysis	  of	  a	  select	  few	  chemical	  
species	  that	  act	  as	  radical	  sources.	  Photolysis	  of	  O3	  to	  form	  OH	  radicals	  is	  typically	  thought	  to	  be	  the	  
dominant	  radical	  source	  in	  the	  lower	  atmosphere.	  Recent	  work	  has	  shown	  that	  other	  compounds;	  
formaldehyde	  (CH2O),	  nitrous	  acid	  (HONO),	  and	  nitryl	  chloride	  (ClNO2)	  can	  also	  constitute	  substantial	  
sources	  of	  radicals	  under	  some	  circumstances.	  The	  appearance	  of	  high	  O3	  in	  oil	  and	  gas	  production	  areas	  
during	  the	  winter,	  a	  season	  when	  photochemical	  activity	  is	  normally	  low,	  leads	  to	  the	  hypothesis	  that	  
there	  may	  be	  unusual	  radical	  sources	  occurring	  in	  these	  areas.	  Consequently,	  an	  assessment	  of	  radical	  
sources	  was	  a	  major	  goal	  for	  Study	  Component	  3	  during	  the	  UBWOS	  2012.	  The	  contribution	  of	  each	  of	  
the	  above	  radical	  sources	  is	  estimated	  below,	  and	  while	  meteorological	  conditions	  prevent	  a	  definitive	  
answer	  concerning	  high	  ozone	  production,	  these	  data	  provide	  a	  useful	  baseline	  for	  comparison.	  


The	  photolysis	  of	  ozone	  has	  been	  recognized	  as	  the	  major	  source	  of	  tropospheric	  OH	  radicals	  for	  about	  
40	  years	  [Levy	  II,	  1971].	  This	  process	  starts	  when	  O3	  absorbs	  a	  photon	  at	  or	  below	  about	  300nm	  
wavelength,	  resulting	  in	  an	  excited	  state	  oxygen	  atom	  (O1D);	  


	  


	   O3	  +	  hn	  =>	  O1D	  +	  O2	   	   	   	   	   	   	   	   (1)	  
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Most	  of	  the	  time,	  O1D	  collides	  with	  either	  N2,	  or	  O2	  and	  is	  deactivated	  to	  O3P,	  which	  reforms	  O3,	  but	  a	  
fraction	  of	  the	  time	  O1D	  reacts	  with	  H2O(g)	  and	  produces	  2	  OH	  radicals;	  


	  


	   O1D	  +	  M	  (N2,	  O2)	  =>	  O3P	  +	  M	   	   	   	   	   	   	   (2)	  


	   O3P	  +	  O2	  +	  M	  =>	  O3	  +	  M	   	   	   	   	   	   	   	   (3)	  


	   O1D	  +	  H2O	  =>	  2	  OH	   	   	   	   	   	   	   	   (4)	  


	  


The	  absorption	  cross-‐sections	  and	  reaction	  rate	  constants	  for	  these	  processes	  are	  all	  well	  known	  [Sander	  
et	  al.,	  2006;	  Wallington	  et	  al.,	  2012]	  and,	  along	  with	  O3,	  H2O	  and	  actinic	  flux	  measurements,	  can	  be	  used	  
to	  calculate	  the	  OH	  formation	  rate	  from	  this	  process	  from	  the	  following	  simple	  expression;	  


	  


	   	  p(OH)O3	  =	  2k4jO3[O3][H2O]/k2[M]	   	   	   	   	   	   (5)	  


	  


It	  should	  be	  noted	  here	  that	  actinic	  fluxes	  were	  either	  measured	  with	  filter	  radiometers	  or	  calculated	  
from	  several	  filter	  radiometers.	  The	  actinic	  flux	  was	  folded	  into	  the	  absorption	  spectrum	  and	  quantum	  
yield	  for	  the	  process	  being	  measured.	  For	  example,	  the	  jO3	  measurement	  has	  an	  optical	  filter	  
combination	  to	  match	  the	  O3	  absorption	  spectrum.	  The	  jHONO	  values	  are	  derived	  from	  measured	  jNO2	  
with	  a	  scaling	  factor	  included	  to	  account	  for	  the	  different	  in	  absorption	  cross-‐sections.	  The	  uncertainties	  
in	  the	  calculated	  j	  values	  (jHONO,	  jCH2O,	  and	  jClNO2)	  are	  estimated	  to	  be	  ±30%.	  	  


The	  photolysis	  of	  nitrous	  acid	  (HONO)	  is	  a	  direct	  source	  of	  OH	  radicals	  that	  has	  been	  considered	  in	  a	  
number	  of	  urban	  and	  polluted	  air	  masses	  [Young	  et	  al.,	  2012].	  This	  reaction	  is	  a	  direct	  photolysis	  that	  is	  
very	  efficient	  at	  wavelengths	  below	  approximately	  410nm.	  


	  


	   HONO	  +	  hn	  =>	  OH	  +	  NO	  	   	   	   	   	   	   	   (6)	  


	  


The	  corresponding	  production	  rate	  then	  depends	  on	  HONO	  concentration	  and	  the	  actinic	  flux.	  


	  


	   p(OH)HONO	  =	  jHONO[HONO]	   	   	   	   	   	   	   (7)	  	  


	  


The	  photolysis	  of	  formaldehyde	  takes	  place	  at	  wavelengths	  below	  about	  340nm	  via	  two	  channels;	  	  


	  


	   CH2O	  +	  hn	  =>	  H	  +	  CHO	   	   	   	   	   	   	   	   (8a)	  


	   	   	  	  	  	  	  	  	  	  =>	  H2	  +	  CO	   	   	   	   	   	   	   	   (8b)	  


	  


The	  products	  (H	  atoms	  and	  CHO	  radicals)	  react	  rapidly	  with	  O2	  to	  form	  HO2	  radicals;	  
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H	  +	  O2	  +	  M	  =>	  HO2	  +	  M	   	   	   	   	   	   	   	   (9)	  


CHO	  +	  O2	  =>	  HO2	  +	  CO	   	   	   	   	   	   	   	   (10)	  


	  


The	  rapid	  reaction	  of	  HO2	  with	  NO	  in	  high	  NOx	  environments	  leads	  to	  the	  formation	  of	  OH	  radical;	  


	  


	   HO2	  +	  NO	  =>	  NO2	  +	  OH	   	   	   	   	   	   	   	   (11)	  


	  


making	  CH2O	  an	  indirect,	  but	  potentially	  significant,	  source	  of	  HO	  radicals.	  The	  HOx	  source	  from	  CH2O	  is	  
calculated	  similarly	  to	  that	  of	  HONO,	  assuming	  that	  Reactions	  (9-‐11)	  are	  the	  only	  pathways	  operating	  
and	  jCH2O	  is	  based	  on	  the	  photolysis	  Reaction	  8a;	  


	  


	   p(OH)CH2O	  =	  2jCH2O[CH2O]	   	   	   	   	   	   	   (12)	  	  


	  


The	  photolysis	  of	  nitryl	  chloride	  takes	  place	  at	  wavelengths	  below	  about	  450nm	  and	  is	  categorically	  
different	  from	  the	  above	  radical	  sources	  in	  that	  it	  produces	  chlorine	  atoms;	  


	  


	   ClNO2	  +	  hn	  =>	  Cl	  +	  NO2	   	   	   	   	   	   	   	   (13)	  


	  


The	  calculation	  of	  production	  rate	  is	  done	  as	  before:	  


	  


	   p(Cl)	  =	  jClNO2[ClNO2]	   	   	   	   	   	   	   	   (14)	  


	  


It	  should	  be	  noted,	  however,	  that	  the	  actinic	  flux	  used	  in	  this	  calculation	  is	  based	  on	  the	  old	  absorption	  
cross-‐section	  that	  were	  assumed	  constant	  with	  temperature	  and	  not	  the	  new	  temperature-‐dependent	  
cross	  sections	  of	  Ghosh	  et	  al.	  [Ghosh	  et	  al.,	  2012].	  This	  makes	  the	  current	  calculation	  about	  25%	  higher	  
than	  it	  would	  be	  if	  temperature	  dependence	  had	  been	  included.	  	  


The	  absolute	  amount	  of	  actinic	  flux	  available	  during	  the	  UBWOS	  2012	  study	  is	  the	  first	  point	  of	  
comparison	  with	  other	  more	  photochemically	  active	  environments.	  The	  time	  series	  of	  jO3	  for	  the	  
UBWOS	  2012	  and	  CalNex	  studies	  are	  shown	  in	  Figures	  3-‐43,	  along	  with	  two	  typical	  clear	  days	  during	  
those	  projects.	  It	  is	  clear	  that	  jO3	  alone	  is	  more	  than	  a	  factor	  of	  3	  different	  between	  the	  two	  studies.	  	  


Calculated	  radical	  production	  rates	  for	  the	  four	  sources	  listed	  above	  are	  summarized	  in	  Figure	  3-‐44	  for	  
the	  UBWOS	  2012	  project.	  	  Perhaps	  surprisingly,	  the	  photolysis	  of	  O3	  is	  a	  minor	  contributor	  to	  the	  radical	  
budget	  during	  UBWOS	  2012.	  In	  addition	  to	  the	  lower	  actinic	  flux	  noted	  above,	  water	  vapor	  and	  ozone	  
concentrations	  were	  also	  low	  during	  this	  study.	  The	  other	  OH	  sources	  were	  more	  important,	  and	  the	  Cl	  
atom	  source	  from	  ClNO2	  was	  similar	  in	  magnitude	  to	  O3	  photolysis.	  It	  should	  be	  noted	  that	  Cl	  atoms	  are	  
several	  hundred	  times	  more	  reactive	  towards	  some	  compounds,	  notably	  alkanes	  and	  methanol,	  
amplifying	  the	  effect	  of	  this	  source.	  
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The	  UBWOS	  2012	  results	  can	  be	  put	  in	  context	  through	  comparison	  with	  the	  same	  calculations	  that	  have	  
been	  done	  for	  the	  CalNex	  Pasadena	  2010	  study	  [Young	  et	  al.,	  2012],	  shown	  in	  Figure	  3-‐45.	  The	  CalNex	  
radical	  sources	  were	  substantially	  larger	  than	  those	  estimated	  for	  the	  UBWOS	  2012	  data	  set.	  The	  major	  
difference	  was	  in	  the	  photolysis	  of	  O3,	  but	  the	  other	  two	  sources	  calculated	  for	  CalNex	  were	  also	  higher.	  
The	  lack	  of	  radical	  production	  is	  the	  root	  cause	  of	  the	  absence	  of	  elevated	  O3	  during	  UBWOS	  2012.	  This	  
type	  of	  radical	  budget	  analysis	  is	  a	  crucial	  tool	  in	  future	  investigations	  of	  O3	  production	  in	  the	  Uintah	  
Basin.	  


	  
Figure	  3-‐43.	  	  Summary	  of	  jO3	  measurements	  during	  (a)	  CalNex	  and	  (b)	  UBWOS	  2012,	  and	  (c)	  a	  close	  up	  
of	  typical	  clear	  days	  during	  those	  projects.	  	  
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Figure	  3-‐44.	  	  A	  summary	  of	  the	  radical	  production	  rates	  from	  (a)	  O3,	  (b)	  HONO,	  (c)	  CH2O,	  and	  (d),	  ClNO2,	  
versus	  time	  of	  day	  (local	  time).	  	  
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Figure	  3-‐45.	  	  A	  comparison	  of	  radical	  sources	  calculated	  from	  (a)	  the	  UBWOS	  2012	  study	  and	  (b)	  the	  
CalNex	  2010	  Pasadena	  site.	  	  
	  


Aerosols	  
The	  PM	  2.5	  dry	  mass	  during	  UBWOS	  2012	  (January	  16-‐	  February	  27,	  2012)	  varied	  from	  1	  to	  27	  ug	  m-‐3	  
with	  an	  average	  during	  the	  study	  of	  7.5	  ±	  6.8	  ug	  m-‐3.	  	  The	  PM	  2.5	  gravimetric	  dry	  mass	  was	  well	  
correlated	  with	  the	  sum	  of	  the	  chemically	  analyzed	  mass	  (slope	  =	  0.97,	  r2=0.89),	  indicating	  that	  the	  
chemically	  measured	  species	  accounted	  for	  all	  of	  the	  aerosol	  mass.	  	  The	  ionic,	  elemental,	  and	  organic	  
measurements	  were	  summed	  into	  six	  components:	  ammonium	  sulfate	  [AS	  -‐(NH4)2SO4],	  ammonium	  
nitrate	  [AN	  -‐	  NH4NO3],	  particulate	  organic	  matter	  [POM	  =	  organic	  carbon	  x	  1.8],	  light	  absorbing	  carbon	  
[LAC],	  soil	  [the	  common	  oxides	  of	  Al,	  Si,	  Ca,	  Fe,	  and	  Ti],	  and	  sea	  salt	  [SS	  =	  Na	  x	  1.47	  +	  Cl]	  [IMPROVE,	  
2011;	  Quinn	  et	  al.,	  2004].	  
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Figure	  3-‐46.	  	  The	  time	  series	  of	  aerosol	  chemical	  composition	  (<2.5um)	  measured	  during	  UBWOS	  2012.	  	  
	  


With	  the	  lack	  of	  snow,	  soil	  was	  the	  dominant	  aerosol	  component	  (42	  ±	  20%)	  followed	  by	  POM	  (31	  ±	  
16%),	  AS	  (12	  ±	  9%),	  AN	  (12	  ±	  13%),	  SS	  (1.8	  ±	  2.6%),	  and	  LAC	  (1.3	  ±	  1.7%).	  


	  
Figure	  3-‐47.	  	  Average	  fractional	  composition	  of	  PM	  2.5	  measured	  during	  UBWOS	  2012.	  


	  


The	  average	  PM	  2.5	  aerosol	  mass	  measured	  at	  the	  Horse	  Pool	  Site	  in	  2012	  was	  very	  similar	  to	  that	  
measured	  at	  Red	  Wash	  in	  2011	  (9.5	  ug	  m-‐3;[EDL,	  2011])	  and	  the	  annual	  mean	  concentration	  reported	  by	  
the	  IMPROVE	  network	  (7.6	  ug	  m-‐3;[IMPROVE,	  2011]).	  	  The	  POM	  mass	  fraction,	  however,	  is	  much	  less	  
than	  that	  measured	  at	  Red	  Wash	  in	  2011	  (65%).	  	  This	  may	  be	  due	  to	  the	  lack	  of	  snow	  cover	  and	  SOA	  
production	  or	  could	  be	  a	  measurement	  artifact.	  	  With	  the	  high	  VOC	  concentrations	  in	  the	  region,	  it	  is	  
quite	  easy	  to	  capture	  VOCs	  on	  the	  particulate	  filter.	  
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The	  PM	  2.5	  aerosol	  surface	  area	  and	  volume	  were	  dominated	  by	  the	  accumulation	  mode	  centered	  at	  
200	  nm	  dry	  diameter.	  	  The	  average	  PM	  2.5	  aerosol	  surface	  area	  was	  45	  ±	  55	  um2	  cm-‐3.	  	  	  The	  aerosol	  
number	  distribution	  was	  dominated	  by	  the	  Aitken	  mode	  (<	  100	  nm	  dry	  diameter).	  	  The	  total	  CN	  
averaged	  3700	  ±	  2000	  cm-‐3.	  


	  
Figure	  3-‐48.	  	  The	  time	  series	  of	  size	  distributions	  of	  aerosol	  surface	  area	  (top)	  and	  number	  (bottom).	  	  	  


	  
The	  average	  PM	  2.5	  aerosol	  light	  scattering	  coefficient	  was	  15.5	  ±	  18.8	  Mm-‐1	  with	  a	  mass	  scattering	  
efficiency	  of	  2.0	  m2	  g-‐1.	  	  The	  single	  scattering	  albedo	  was	  0.88	  ±	  0.08.	  


Ozone	  Lidar	  


Introduction	  
NOAA/ESRL/CSD	  deployed	  the	  Tunable	  Optical	  Profiler	  for	  Aerosol	  and	  oZone	  (TOPAZ)	  lidar	  to	  
the	  2012	  Uintah	  Basin	  Wintertime	  Ozone	  Study	  (UBWOS	  2012).	  The	  TOPAZ	  lidar	  was	  situated	  at	  
the	  Horse	  Pool	  Supersite.	  The	  primary	  objective	  of	  deploying	  TOPAZ	  was	  to	  characterize	  the	  
vertical	  structure	  of	  ozone	  from	  near	  the	  surface	  to	  several	  kilometers	  above	  ground	  level	  (AGL).	  
Below	  about	  300	  m	  AGL,	  the	  TOPAZ	  ozone	  profiles	  complemented	  the	  ozone	  tether	  sonde	  
measurements	  at	  Horse	  Pool	  by	  providing	  temporal	  continuity	  between	  tether	  sonde	  launches.	  
The	  lidar	  ozone	  profile	  measurements	  above	  300	  m	  AGL	  provided	  information	  about	  the	  ozone	  
structure	  beyond	  the	  maximum	  altitude	  reachable	  with	  the	  tether	  sondes.	  This	  was	  critical	  for	  
detecting	  ozone	  layers	  aloft,	  which	  may	  be	  associated	  with	  long-‐range	  transport	  of	  ozone	  in	  the	  
lower	  free	  troposphere	  or	  downward	  mixing	  of	  stratospheric	  ozone.	  Under	  the	  right	  conditions,	  
these	  ozone	  layers	  aloft	  can	  be	  mixed	  down	  to	  the	  surface	  and	  can	  impact	  surface	  ozone	  
concentrations.	  	  	  	  	  	  
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TOPAZ	  Lidar	  Description	  and	  Deployment	  Strategy	  
The	  TOPAZ	  ozone	  and	  aerosol	  lidar	  is	  based	  on	  a	  state-‐of-‐the-‐art,	  solid	  state,	  tunable	  laser	  that	  
emits	  laser	  pulses	  in	  the	  ultraviolet	  spectrum	  at	  three	  wavelengths	  between	  285	  and	  300	  nm	  
[Alvarez	  et	  al.,	  2011].	  	  The	  TOPAZ	  lidar	  measures	  ozone	  and	  aerosol	  backscatter	  profiles	  along	  
the	  laser	  beam	  path	  with	  high	  spatial	  and	  temporal	  resolution.	  Prior	  to	  UBWOS	  2012,	  TOPAZ	  
was	  converted	  from	  a	  downward-‐looking	  airborne	  system	  into	  a	  zenith-‐pointing	  instrument	  that	  
was	  installed	  into	  a	  truck	  with	  a	  roof-‐mounted	  two-‐axis	  scanner.	  The	  airborne	  version	  has	  been	  
used	  in	  several	  air	  quality	  field	  campaigns	  since	  2006	  and	  has	  been	  extensively	  tested	  and	  
compared	  with	  collocated	  in	  situ	  ozone	  sensors	  [Langford	  et	  al.,	  2011;	  Senff	  et	  al.,	  2010].	  Details	  
about	  the	  new	  truck-‐mounted	  version	  of	  the	  TOPAZ	  lidar	  can	  be	  found	  in	  Alvarez	  et	  al.	  [Alvarez	  
et	  al.,	  2012].	  


The	  TOPAZ	  ozone	  lidar	  was	  operated	  on	  14	  days	  between	  3	  and	  29	  February,	  2012,	  and	  
recorded	  62	  hours	  of	  ozone	  and	  aerosol	  backscatter	  profile	  data.	  	  In	  the	  absence	  of	  any	  high	  
ozone	  events,	  the	  sampling	  strategy	  consisted	  of	  operating	  TOPAZ	  for	  several	  hours	  at	  a	  time	  
and	  covering	  different	  segments	  of	  the	  diurnal	  cycle	  on	  different	  days.	  Figure	  3-‐49	  shows	  the	  
truck-‐based	  TOPAZ	  lidar	  with	  roof-‐mounted	  two-‐axis	  scanner.	  The	  scanner	  permits	  pointing	  the	  
laser	  beam	  at	  several	  shallow	  elevation	  angles	  at	  a	  fixed,	  but	  changeable	  azimuth	  angle.	  Zenith	  
operation	  is	  achieved	  by	  moving	  the	  scanner	  mirror	  out	  of	  the	  laser	  beam	  path.	  During	  UBWOS	  
2012,	  repeated	  scans	  at	  2,	  10,	  and	  90	  degrees	  elevation	  angle	  were	  performed	  approximately	  
every	  5	  minutes.	  The	  dwell	  time	  at	  each	  angle	  was	  75	  s.	  The	  ozone	  and	  aerosol	  backscatter	  
profiles	  at	  these	  three	  angles	  were	  spliced	  together	  to	  create	  composite	  vertical	  profiles	  
extending	  from	  15	  m	  to	  about	  3	  km	  AGL	  (Figure	  3-‐50).	  The	  effective	  vertical	  resolution	  of	  the	  
composite	  ozone	  profiles	  increases	  with	  altitude	  from	  3	  to	  90	  m.	  Occasional	  horizontal	  
measurements	  were	  made	  to	  study	  the	  horizontal	  variability	  of	  ozone	  and	  aerosols.	  Preliminary	  
TOPAZ	  ozone	  data	  are	  posted	  at	  	  


http://www.esrl.noaa.gov/csd/groups/csd3/measurements/ubwos/topaz/.	  


Several	  comparisons	  were	  performed	  with	  tethered	  and	  free-‐flying	  ozone	  sondes	  as	  well	  as	  with	  
scaffold-‐mounted	  in	  situ	  ozone	  sensors.	  Generally,	  the	  lidar	  measurements	  compared	  well	  with	  
the	  other	  ozone	  measurements,	  and	  the	  observed	  discrepancies	  were	  within	  the	  stated	  
instrument	  accuracies	  of	  the	  lidar	  and	  the	  in	  situ	  sensors.	  


Preliminary	  Findings	  
Figure	  3-‐51	  shows	  all	  ozone	  lidar	  measurements	  displayed	  as	  normalized	  probability	  distribution	  
functions	  (PDFs)	  for	  three	  altitude	  ranges:	  15-‐200	  m	  AGL,	  200-‐1000	  m	  AGL,	  and	  1000-‐3000	  m	  
AGL.	  The	  mean	  ozone	  values	  for	  these	  altitude	  ranges	  were	  approximately	  46	  ppbv,	  48	  ppbv,	  
and	  52	  ppbv,	  respectively.	  Figure	  3-‐51	  shows	  that	  no	  ozone	  values	  above	  about	  75	  ppbv	  were	  
measured	  with	  the	  lidar	  at	  any	  altitude	  below	  3000	  m	  AGL.	  In	  particular,	  no	  exceedances	  of	  the	  
8-‐hour	  National	  Ambient	  Air	  Quality	  Standard	  were	  observed.	  This	  lack	  of	  high	  ozone	  episodes	  
was	  likely	  due	  to	  the	  fact	  that	  the	  boundary	  layer	  was	  generally	  rather	  deep	  and	  well-‐mixed,	  
which	  prevented	  a	  buildup	  of	  high	  concentrations	  of	  ozone	  and	  its	  precursors.	  The	  almost	  
complete	  absence	  of	  any	  snow	  cover	  during	  UBWOS	  2012	  prevented	  the	  formation	  of	  a	  shallow	  
cold-‐air	  pool	  and	  the	  development	  of	  strong	  temperature	  inversions.	  As	  a	  result,	  the	  boundary	  
layer	  was	  much	  deeper	  and	  much	  better	  ventilated	  than	  during	  typical	  wintertime	  conditions	  in	  
the	  Uintah	  Basin.	  Figure	  3-‐51	  also	  reveals	  that	  on	  average	  ozone	  concentrations	  were	  increasing	  
slightly	  with	  altitude	  during	  UBWOS	  2012.	  	  The	  mean	  ozone	  value	  of	  about	  52	  ppbv	  in	  the	  upper	  
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altitude	  bin	  is	  typical	  for	  background	  ozone	  conditions	  in	  the	  lower	  free	  troposphere	  for	  the	  
western	  US.	  The	  slightly	  lower	  ozone	  values	  in	  the	  two	  altitude	  ranges	  below	  1000	  m	  are	  
probably	  due	  to	  titration	  and	  surface	  deposition	  of	  ozone.	  The	  slight	  vertical	  gradient	  of	  ozone	  
and	  the	  similarity	  of	  the	  ozone	  PDFs	  for	  the	  three	  altitude	  ranges	  are	  consistent	  with	  the	  
generally	  well-‐mixed	  conditions	  observed	  during	  UBWOS	  2012.	  


	  


	  
Figure	  3-‐49.	  	  Truck-‐mounted	  TOPAZ	  ozone	  lidar	  with	  roof-‐top,	  two-‐axis	  scanner.	  


	  


	  
Figure	  3-‐50.	  	  Lidar	  ozone	  	  profiles	  at	  elevations	  angles	  of	  	  2°,	  10°,	  and	  90°,	  projected	  vertically	  and	  
blended	  together.	  The	  entire	  profile	  is	  shown	  on	  the	  lefthand	  plot	  and	  the	  righthand	  plots	  show	  
sucessive	  expansions	  of	  the	  profile.	  
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Figure	  3-‐51.	  	  Normalized	  PDFs	  of	  all	  UBWOS	  2012	  ozone	  lidar	  measurements	  for	  three	  altitude	  ranges.	  
Mean	  ozone	  values	  for	  the	  different	  altitude	  bins	  are	  indicated	  in	  the	  legend.	  
	  


High	  Resolution	  Doppler	  Lidar	  
Measurement	  of	  wind	  direction	  and	  speed	  profiles	  is	  important	  for	  quantifying	  emission	  source	  
strengths	  (as	  described	  elsewhere	  in	  this	  report)	  and	  for	  assessing	  the	  impact	  of	  atmospheric	  transport.	  	  
Net	  transport	  when	  winds	  are	  light,	  as	  they	  had	  been	  during	  O3	  episodes	  in	  the	  2011	  Uintah	  Basin	  
campaign,	  may	  be	  negligible	  if	  the	  wind	  direction	  is	  highly	  variable,	  but	  can	  cover	  tens	  of	  kilometers	  if	  
the	  wind	  direction	  persists	  for	  several	  hours.	  	  


Often	  light	  wind	  periods	  in	  mountainous	  terrain	  feature	  thermally	  driven	  wind	  systems,	  due	  to	  the	  
diurnal	  heating	  and	  cooling	  cycle	  at	  the	  earth	  surface.	  These	  wind	  systems,	  often	  referred	  to	  as	  local	  
wind	  systems	  because	  of	  the	  local	  nature	  of	  the	  forcing	  mechanisms,	  blow	  upvalley	  or	  upslope	  during	  
daylight	  and	  downslope	  or	  downvalley	  (drainage	  flows)	  at	  night.	  At	  a	  given	  time	  of	  day,	  in	  other	  words,	  
the	  local	  winds	  blow	  from	  a	  preferred	  direction	  for	  several	  hours,	  so	  that	  the	  winds	  and	  their	  effects	  
(e.g.,	  transport)	  show	  up	  in	  multiday	  averages	  or	  composites	  of	  the	  data.	  	  


The	  daytime	  component	  of	  the	  local	  winds	  in	  winter	  often	  may	  not	  be	  well	  developed	  due	  to	  low	  solar	  
angles	  and	  short	  day	  lengths,	  resulting	  in	  weak	  surface	  heating,	  weak	  forcing,	  and	  local	  winds	  that	  may	  
be	  difficult	  to	  detect.	  So	  important	  questions	  are:	  Is	  there	  a	  discernible	  diurnal	  signature	  to	  the	  low-‐level	  
winds	  in	  the	  Uintah	  Basin	  in	  wintertime	  conditions,	  and	  could	  the	  daytime	  slope	  flows	  contribute	  to	  the	  
daytime	  transport	  of	  pollutants?	  	  


During	  the	  2011	  measurement	  campaign,	  the	  concentrations	  of	  O3	  had	  been	  found	  to	  vary	  considerably	  
in	  the	  horizontal,	  meaning	  either	  that	  the	  sources	  were	  unevenly	  located	  over	  the	  basin	  or	  that	  
atmospheric	  transport	  over	  the	  complex	  terrain	  had	  an	  important	  role	  in	  determining	  the	  
concentrations.	  But	  precursor	  sources	  were	  distributed	  over	  the	  basin,	  so	  the	  horizontal	  variability	  of	  
wintertime	  O3	  concentrations	  indicated	  that	  horizontal	  transport	  was	  occurring	  and	  influencing	  the	  O3	  
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concentrations.	  	  Highest	  concentrations	  were	  measured	  at	  the	  lowest-‐elevation	  sites	  in	  the	  Green	  River	  
valley,	  which	  could	  be	  explained	  by	  drainage	  flows,	  but	  high	  concentrations	  were	  also	  seen	  at	  higher-‐
elevation	  sites	  to	  the	  east	  of	  the	  river-‐valley	  sites.	  	  


Weak	  winds	  require	  a	  precise	  measurement	  system	  to	  detect.	  NOAA/ESRL’s	  High-‐Resolution	  Doppler	  
Lidar	  (HRDL)	  has	  been	  shown	  to	  be	  such	  a	  precise	  system.	  Although	  a	  scanning	  system,	  HRDL	  is	  able	  to	  
produce	  accurate	  profiles	  of	  the	  mean	  wind	  at	  vertical	  resolutions	  of	  less	  than	  5	  m	  through	  the	  lowest	  
several	  hundred	  meters	  of	  the	  atmosphere,	  extending	  up	  to	  2	  km.	  HRDL	  was	  located	  at	  the	  Horse	  Pool	  
site,	  so	  it	  sampled	  the	  wind	  conditions	  in	  the	  eastern	  portion	  of	  the	  basin.	  


Different	  types	  of	  wind	  conditions	  were	  observed	  by	  HRDL	  during	  January-‐February	  2012.	  Strong-‐wind	  
periods	  are	  generally	  dominated	  by	  large-‐scale	  meteorological	  systems,	  as	  typical	  of	  wintertime	  
conditions	  in	  mid-‐latitude	  locations	  such	  as	  Utah.	  In	  such	  conditions	  the	  near-‐surface	  winds	  reflect	  the	  
stronger	  winds	  aloft,	  as	  illustrated	  in	  Figure	  3-‐52.	  In	  weak-‐wind	  periods	  the	  effects	  of	  local	  forcing	  of	  the	  
winds	  become	  evident	  if	  the	  forcing	  is	  strong	  enough.	  Figure	  3-‐53	  shows	  the	  evolution	  of	  wind	  profiles	  
on	  a	  day	  when	  such	  forcing	  is	  clear.	  On	  this	  day,	  the	  near-‐surface	  winds	  were	  light,	  but	  the	  nighttime	  
winds	  had	  a	  distinct	  easterly	  component,	  and	  daytime	  winds	  were	  from	  the	  west	  up	  to	  several	  hundred	  
meters.	  	  Although	  many	  light-‐wind	  days	  exhibited	  variability	  in	  the	  winds	  superimposed	  on	  the	  local	  
winds	  by	  traveling	  disturbances,	  the	  diurnal	  pattern	  was	  observable	  in	  HRDL	  profiles	  on	  most	  light-‐wind	  
days	  of	  the	  2012	  project,	  and	  in	  composites	  of	  all	  days	  when	  the	  winds	  aloft	  were	  light	  (<	  4	  m/s).	  	  Thus	  
HRDL	  was	  able	  to	  detect	  a	  diurnal	  pattern	  in	  the	  near-‐surface	  winds	  in	  the	  Horse	  Pool	  vicinity,	  with	  light	  
easterly	  flow	  draining	  toward	  the	  Green	  River	  valley	  at	  night	  and	  light	  westerly	  upslope	  flow	  during	  
daytime	  hours.	  The	  easterly	  flow	  accounts	  for	  the	  appearance	  of	  high	  concentrations	  in	  the	  lowest	  areas	  
of	  the	  basin,	  and	  the	  daytime	  westerlies	  can	  explain	  the	  secondary	  appearances	  of	  high	  concentrations	  
on	  higher	  ground	  to	  the	  east	  of	  the	  river	  bottom.	  Characterizing	  meteorological	  controls	  on	  the	  
pollutant	  concentrations	  is	  important	  to	  assessing	  the	  transferability	  of	  the	  findings	  in	  the	  Uintah	  basin	  
to	  other	  gas	  and	  oil	  drilling	  locations.	  


HRDL	  information	  was	  also	  useful	  in	  attributing	  longer-‐range	  transport.	  Trajectories	  calculated	  from	  the	  
20-‐min	  winds	  identified	  the	  source	  of	  several	  bursts	  of	  pollutants	  observed	  in	  Horse	  Pool	  chemistry	  
measurements	  as	  being	  the	  power	  plant	  to	  the	  northeast.	  	  
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Figure	  3-‐52.	  	  Profiles	  of	  20-‐min	  wind	  speed	  and	  direction	  for	  0000-‐1200	  UTC	  on	  3	  Feb.	  2012,	  showing	  
strong	  northeasterly	  flow	  at	  500	  m	  agl,	  extending	  down	  to	  the	  surface.	  Wind	  barbs	  indicate	  direction	  
from	  which	  winds	  were	  blowing,	  and	  color	  coding	  of	  barbs	  indicates	  wind	  speed	  as	  shown	  on	  color	  bar.	  
Horizontal	  axis	  is	  time	  (UTC,	  which	  is	  7	  hr	  ahead	  of	  MST),	  and	  vertical	  axis	  is	  height	  above	  ground	  (m).	  	  
	  


	  
Figure	  3-‐53.	  	  Profiles	  of	  20-‐min	  wind	  speed	  and	  direction	  for	  1200	  UTC,	  4	  Feb.	  to	  0000	  UTC,	  5	  Feb.	  2012,	  
showing	  diurnal	  cycle	  of	  winds	  below	  500	  m.	  Dotted	  black	  curve	  is	  clear-‐sky	  solar	  flux,	  indicating	  time	  of	  
day.	  Wind	  barbs	  and	  axes	  as	  in	  Figure	  3-‐52.	  	  
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Meteorological	  Measurements	  	  
Data	  from	  the	  standard	  meteorological	  instrumentation	  and	  radiometers	  were	  archived	  at	  1.0	  min	  
intervals.	  The	  fast	  response	  anemometer/thermometers	  were	  sampled	  at	  10.0	  Hz.	  The	  raw	  10.0	  Hz	  
samples	  were	  archived.	  Net	  radiative	  fluxes,	  turbulent	  heat	  fluxes,	  and	  turbulent	  momentum	  fluxes	  
were	  estimated	  using	  the	  radiometric	  and	  sonic	  anemometer/thermometer	  data	  sets.	  Jpeg	  images	  of	  
the	  backscattered	  power	  measured	  by	  the	  sodar	  were	  generated	  at	  30-‐minute	  intervals.	  


Preliminary	  analysis	  of	  the	  meteorological	  data	  show	  that	  the	  lack	  of	  snow	  cover	  and	  subsequent	  strong	  
radiative	  heating	  of	  the	  surface	  produced	  anomalously	  deep	  convective	  boundary	  layers.	  The	  sodar	  data	  
helped	  document	  the	  establishment	  and	  evolution	  of	  these	  boundary	  layers.	  A	  strong	  diurnal	  
cooling/heating	  cycle	  was	  observed	  using	  the	  radiometric	  data	  set.	  Analysis	  of	  the	  turbulent	  heat	  flux	  
observations	  shows	  that	  peak	  surface	  heat	  fluxes	  over	  200	  W	  m-‐2	  at	  solar	  noon	  were	  not	  uncommon	  in	  
February.	  


Snow	  cover	  was	  observed	  on	  19	  and	  29	  February.	  During	  those	  time	  periods	  the	  observed	  surface	  
albedos	  exceeded	  0.3.	  The	  average	  surface	  albedo	  measured	  at	  Horse	  Pool	  during	  the	  experiment	  was	  
0.25.	  


Questions	  concerning	  data	  access,	  data	  quality	  and	  the	  preliminary	  analyses	  should	  be	  directed	  to	  
Robert	  Zamora	  (robert.j.zamora@noaa.gov)	  or	  Allen	  White	  (allen.b.white@noaa.gov).	  	  


	  


DOAS	  


The	  LP-‐DOAS	  instrument	  measured	  sequentially	  in	  two	  different	  wavelength	  ranges:	  300-‐380	  nm	  (for	  
retrieval	  of	  O3,	  SO2,	  NO2,	  HONO	  and	  HCHO);	  and	  600-‐680	  nm	  (for	  retrieval	  of	  NO3)	  on	  all	  three	  light	  
paths.	  For	  each	  wavelength	  range,	  information	  of	  the	  respective	  trace	  gases	  was	  recorded	  
simultaneously.	  	  


In	  order	  to	  study	  the	  vertical	  distribution	  of	  the	  observed	  trace	  gases,	  the	  measured	  path	  averaged	  
mixing	  ratios	  were	  converted	  to	  height	  interval	  averaged	  mixing	  ratios	  through	  a	  two-‐step	  process.	  First,	  
all	  mixing	  ratios	  were	  linearly	  interpolated	  onto	  the	  time	  grid	  of	  the	  lowest	  light	  path	  observations	  to	  
account	  for	  the	  temporal	  variations	  originated	  by	  taking	  the	  measurements	  sequentially.	  The	  
interpolations	  were	  made	  under	  the	  assumption	  that	  the	  change	  of	  trace	  gas	  mixing	  ratios	  between	  the	  
times	  of	  the	  scans	  could	  be	  approximated	  using	  a	  linear	  function.	  Second,	  the	  path	  averaged	  mixing	  
ratios	  for	  the	  upper	  three	  light	  paths	  were	  converted	  to	  height	  interval	  averaged	  mixing	  ratios	  by	  using	  
equation	  1.	  


𝑐! =
!!!!
!!!!!!!


𝑆!   −
!!!!!!
!!!!!!!


𝑆!!!	   	   	   	   	   (1)	  


Where	  H	  is	  the	  base	  height	  of	  the	  lowest	  light	  path	  (31	  m),	  c	  is	  the	  retrieved	  mixing	  ratio,	  h	  is	  the	  top	  
height	  (m),	  and	  S	  is	  the	  average	  mixing	  ratio	  of	  the	  ith	  (middle,	  upper,	  highest)	  light	  path.	  The	  mixing	  
ratio	  along	  the	  lowest	  light	  path	  is	  the	  average	  mixing	  ratio	  for	  the	  lowest	  height	  interval	  (0-‐31	  m).	  The	  
middle	  (31-‐44	  m)	  and	  upper	  (44-‐68	  m)	  height	  interval	  mixing	  ratios	  were	  calculated	  using	  equation	  1.	  
The	  original	  measurement	  errors	  were	  propagated	  to	  derive	  the	  uncertainties	  of	  the	  retrieved	  mixing	  
ratios	  for	  each	  data	  point.	  	  	  	  


In	  order	  to	  study	  the	  diurnal	  behavior	  of	  the	  trace	  gases,	  the	  one-‐hour	  average	  diurnal	  mixing	  ratio	  of	  
the	  measured	  trace	  gases	  were	  calculated	  using	  the	  retrieved	  height	  intervals	  mixing	  ratios	  (Figure	  3-‐
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54).	  Figure	  3-‐54	  shows	  that	  the	  diurnal	  average	  of	  NO2,	  O3,	  HONO,	  HCHO	  and	  SO2	  were	  between	  2-‐8ppb,	  
25-‐42ppb,	  25-‐125ppt,	  0.8-‐1.2ppb	  and	  100-‐200	  ppt	  respectively.	  	  
	  


	  
Figure	  3-‐54.	  	  One	  hour	  average	  diurnal	  profile	  of	  a)	  NO2,	  b)	  O3,	  c)	  HONO,	  d)	  HCHO	  and	  e)	  SO2.	  


	  


Figure	  3-‐54	  also	  shows	  vertical	  profiles	  for	  NO2,	  O3,	  HONO	  and	  SO2.	  The	  calculated	  vertical	  gradients	  for	  
NO2,	  O3	  and	  HONO	  are	  shown	  in	  Figure	  3-‐55.	  	  
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Figure	  3-‐55.	  	  Upper	  and	  lower	  diurnal	  average	  for	  a)	  NO2,	  b)	  O3	  and	  c)	  HONO	  and	  calculated	  vertical	  
gradients	  of	  d)	  NO2,	  e)	  O3	  and	  f)	  HONO.	  
	  


Figures	  3-‐54	  and	  3-‐55	  show	  that	  NO2	  and	  O3	  gradients	  occur	  only	  at	  night	  and	  that	  these	  nocturnal	  
gradients	  are	  positive.	  The	  positive	  gradients	  of	  NO2	  and	  O3	  suggest	  that	  there	  were	  NO2	  and	  O3	  
deposition	  during	  the	  night.	  In	  contrast,	  HONO	  gradients	  (shown	  in	  Figure	  3-‐54	  and	  3-‐55)	  persisted	  both	  
during	  the	  day	  and	  night	  and	  were	  negative	  both	  during	  the	  day	  and	  the	  night.	  The	  HONO	  negative	  
gradients	  indicate	  that	  there	  was	  a	  surface	  source	  of	  HONO	  during	  the	  project.	  The	  idea	  that	  both	  the	  
deposition	  of	  NO2	  and	  O3	  and	  surface	  flux	  of	  HONO	  occurred	  during	  UBWOS	  2012	  will	  be	  further	  studied	  
by	  calculating	  HONO	  and	  NO2	  surface	  fluxes	  and	  NO2	  and	  O3	  deposition	  velocities.	  	  	  


Aerosol	  Mass	  Spectrometer	  	  
Dr.	  Shane	  Murphy’s	  group	  from	  the	  Department	  of	  Atmospheric	  Science	  at	  the	  University	  of	  Wyoming	  
deployed	  an	  Aerodyne	  Aerosol	  Mass	  Spectrometer	  (AMS)	  [Jayne	  et	  al.,	  2000]	  to	  the	  Uintah	  Basin	  Winter	  
Ozone	  Study	  (UBWOS	  2012)	  from	  January	  15	  to	  March	  1,	  2012.	  	  	  The	  AMS	  collected	  continuous	  data	  for	  
over	  95%	  of	  the	  study	  period,	  and	  data	  were	  averaged	  into	  5-‐minute	  intervals.	  Data	  consist	  of	  the	  size-‐
averaged	  and	  size-‐resolved	  non-‐refractory	  composition	  of	  the	  sub-‐micron	  aerosol,	  are	  currently	  
available	  to	  all	  scientists	  who	  participated	  in	  the	  project,	  and	  will	  be	  made	  available	  to	  the	  public	  in	  
March	  2013.	  Non-‐refractory,	  as	  used	  here,	  means	  any	  chemical	  species	  that	  is	  volatile	  at	  or	  below	  the	  
600	  o	  C	  operating	  temperature	  of	  the	  vaporizer	  on	  the	  instrument.	  	  The	  major	  particulate	  species	  
measured	  were	  organics,	  nitrate,	  ammonium,	  and	  sulfate.	  	  


Data	  from	  the	  AMS	  were	  corrected	  for	  instrumental	  collection	  efficiency.	  	  The	  instrument	  collects	  
roughly	  half	  of	  the	  particles	  because	  of	  particle	  bounce	  off	  the	  vaporizer.	  	  While	  a	  more	  detailed	  analysis	  
of	  the	  collection	  efficiency	  following	  the	  method	  of	  Middlebrook	  et	  al.	  [Middlebrook	  et	  al.,	  2011]	  is	  
currently	  underway,	  preliminary	  data	  has	  been	  corrected	  assuming	  a	  collection	  efficiency	  of	  55%,	  
consistent	  with	  previous	  field	  measurements	  [Middlebrook	  et	  al.,	  2011].	  The	  preliminary	  data	  for	  the	  
mass	  and	  composition	  of	  non-‐volatile	  sub-‐micron	  aerosol	  measured	  during	  UBWOS	  2012	  is	  shown	  in	  
Figure	  3-‐56.	  	  Also	  shown	  in	  Figure	  3-‐56	  is	  the	  volume	  of	  sub-‐500	  nm	  aerosol	  measured	  by	  a	  scanning	  
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mobility	  particle	  sizer	  (SMPS)	  operated	  by	  NOAA	  PMEL.	  	  Figure	  3-‐56	  shows	  that	  there	  is	  a	  tight	  
correlation	  between	  non-‐refractory	  mass	  and	  particulate	  volume.	  	  This	  tight	  correlation	  suggests	  that	  
the	  mass	  of	  refractory	  species,	  such	  as	  dust	  or	  black	  carbon,	  present	  in	  the	  sub-‐micron	  aerosol	  is	  fairly	  
small.	  	  If	  refractory	  material	  constituted	  a	  significant	  fraction	  of	  sub-‐micron	  mass	  during	  certain	  periods,	  
we	  would	  see	  significant	  differences	  between	  the	  AMS	  and	  SMPS	  traces	  during	  these	  periods.	  	  We	  
cannot	  rule	  out	  the	  possibility	  that	  the	  fraction	  of	  refractory	  material	  is	  constant	  throughout	  the	  field	  
campaign,	  but	  given	  that	  the	  sources	  of	  refractory	  material	  (diesel	  engineers,	  wind	  speed)	  are	  transient	  
in	  time	  and	  space	  this	  seems	  highly	  unlikely.	  	  	  


Figure	  3-‐57	  shows	  the	  composition	  of	  the	  non-‐refractory	  sub-‐micron	  aerosol	  during	  the	  UBWOS	  2012	  
period.	  	  Organic	  material	  is	  typically	  the	  most	  abundant,	  followed	  by	  nitrate	  and	  ammonium.	  	  
Ammonium	  is	  present	  in	  sufficient	  quantity	  to	  be	  the	  sole	  counter-‐ion	  for	  nitrate	  during	  the	  experiment.	  	  
There	  is	  not	  sufficient	  sulfate	  mass	  present	  to	  comment	  with	  confidence	  on	  its	  neutralization	  state.	  	  The	  
average	  fraction	  of	  sub-‐micron	  aerosol	  mass	  that	  is	  organic	  was	  0.55	  +	  0.18.	  	  	  


Figure	  3-‐58	  shows	  the	  mass	  of	  sub-‐micron	  organic	  aerosol	  along	  with	  the	  gas-‐phase	  concentration	  of	  
formaldehyde	  and	  acetone	  measured	  by	  the	  NOAA	  Chemical	  Sciences	  Division	  proton	  transfer	  reaction	  
mass	  spectrometer	  and	  gas	  chromatograph	  mass	  spectrometer	  (CSD).	  	  Acetone	  and	  formaldehyde	  are,	  
in	  most	  cases,	  formed	  from	  the	  gas-‐phase	  oxidation	  of	  volatile	  organic	  compounds	  (VOCs)	  and	  are	  not	  
primary	  emissions.	  The	  strong	  correlation	  between	  acetone	  and	  formaldehyde	  and	  the	  mass	  of	  organic	  
aerosol	  is	  highly	  suggestive	  that	  the	  organic	  aerosol	  is	  being	  formed	  from	  the	  condensation	  of	  oxidized	  
organics	  into	  the	  particle	  phase,	  a	  process	  known	  as	  secondary	  organic	  aerosol	  (SOA)	  formation.	  	  The	  
fact	  that	  much	  of	  the	  particulate	  organic	  mass	  appears	  to	  be	  secondary	  is	  significant	  because	  it	  suggests	  
that	  it	  is	  being	  formed	  locally	  when	  high	  concentrations	  of	  VOC	  are	  oxidized.	  	  This	  means	  that	  the	  mass	  
of	  organic	  aerosol	  will	  increase	  if	  VOC	  concentrations	  increase	  or	  if	  there	  is	  an	  increased	  rate	  of	  
oxidation.	  	  	  


Figure	  3-‐59	  shows	  a	  typical	  size	  distribution	  for	  the	  various	  chemical	  components	  observed	  during	  the	  
field	  project.	  	  A	  large	  fraction	  of	  the	  organics	  is	  present	  in	  a	  smaller	  mode	  that	  is	  almost	  entirely	  
composed	  of	  organic	  material.	  	  The	  relative	  fraction	  of	  the	  organic	  mass	  present	  in	  this	  mode	  increases	  
during	  periods	  when	  the	  fraction	  of	  total	  aerosol	  mass	  that	  is	  organic	  is	  high	  and	  during	  periods	  of	  high	  
concentrations	  of	  secondary	  gas-‐phase	  species	  such	  as	  acetone	  and	  formaldehyde.	  	  Interestingly,	  the	  
oxidation	  level	  of	  the	  organic	  aerosol	  is	  quite	  low.	  	  Typical	  ambient	  SOA	  has	  an	  oxygen	  to	  carbon	  (O:C)	  
ratio	  ranging	  from	  0.2	  to	  0.9	  [Aiken	  et	  al.,	  2008].	  The	  O:C	  ratio	  observed	  during	  events	  with	  high	  organic	  
mass	  fraction	  and	  a	  large	  amount	  of	  mass	  found	  in	  the	  smaller	  mode	  of	  Figure	  3-‐59	  was	  typically	  around	  
0.25.	  	  This	  low	  oxidation	  level	  suggests	  that	  VOCs	  require	  less	  oxidation	  to	  condense	  in	  this	  environment	  
than	  in	  most	  typical	  cities	  and	  that	  there	  is	  a	  large	  reservoir	  of	  VOCs	  that	  will	  condense	  with	  more	  
atmospheric	  oxidation.	  	  


All	  of	  the	  measurements	  made	  here	  suggest	  a	  secondary	  source	  of	  organic	  aerosol.	  	  While	  high	  ozone	  
conditions	  were	  not	  observed	  during	  the	  study,	  it	  is	  expected	  that	  the	  mass	  and	  mass-‐fraction	  of	  organic	  
aerosol	  will	  increase	  significantly	  during	  high	  ozone	  events.	  	  While	  not	  currently	  exceeding	  national	  air	  
quality	  standards,	  the	  sub-‐micron	  aerosol	  mass	  needs	  to	  be	  carefully	  monitored	  and	  its	  formation	  
understood	  to	  avoid	  future	  health	  and	  visibility	  issues.	  
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Figure	  3-‐56.	  	  Total	  non-‐refractory	  mass	  (measured	  by	  the	  AMS)	  and	  total	  volume	  (measured	  by	  the	  
SMPS)	  of	  sub-‐micron	  aerosol	  during	  UBWOS	  2012.	  
	  


	  


	  
Figure	  3-‐57.	  	  Mass	  of	  sulfate,	  organics,	  nitrate	  and	  ammonium	  measured	  by	  the	  U.	  of	  Wyoming	  AMS.	  
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Figure	  3-‐58.	  	  Time-‐series	  of	  particulate	  organic	  mass	  and	  the	  gas-‐phase	  species	  acetone	  and	  
formaldehyde.	  
	  


	  
Figure	  3-‐59.	  	  Size	  distribution	  of	  sub-‐micron	  non-‐refractory	  aerosol	  mass	  during	  a	  period	  of	  high	  organic	  
mass	  concentration.	  
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Nitrogen	  Species	  by	  TD-‐LIF	  (Data	  Description)	  
Figure	  3-‐60	  shows	  data	  from	  408	  nm	  system	  from	  January	  18	  to	  February	  29.	  Generally,	  NOx	  built	  up	  
inside	  the	  basin	  during	  periods	  of	  mild	  winds,	  such	  as	  the	  period	  from	  January	  28	  to	  February	  2.	  
Occasionally,	  high	  wind	  episodes	  flushed	  out	  pollutants	  in	  the	  basin,	  and	  a	  significant	  drop	  in	  NOx	  
concentration	  was	  observed,	  e.g.,	  starting	  at	  noon-‐time	  on	  February	  2.	  Due	  to	  the	  proximity	  of	  sampling	  
tower	  to	  existing	  truck	  route,	  early	  morning	  and	  afternoon	  NO2	  spikes	  were	  prominent	  features	  of	  the	  
dataset.	  During	  the	  measurement	  period,	  NO2	  concentration	  spanned	  a	  range	  from	  ~100	  ppt	  to	  40	  ppb	  
with	  a	  diurnal	  pattern	  inversely	  correlated	  to	  boundary	  layer	  height.	  When	  compared	  with	  the	  cavity	  
ring	  down	  system	  (ARNOLD)	  also	  measuring	  NO2	  at	  similar	  height,	  excellent	  correlation	  (R2	  =0.99)	  was	  
obtained,	  with	  our	  system	  reporting	  values	  8%	  higher	  than	  from	  ARNOLD.	  ∑(ANs+PNs)	  signal	  had	  a	  more	  
consistent	  time-‐of-‐day	  variation	  than	  NO2	  signal,	  generally	  peaking	  at	  noon	  time	  when	  photochemical	  
processes	  were	  fastest.	  We	  observed	  ∑(ANs+PNs)	  concentration	  ranging	  from	  ~150	  ppt	  to	  6	  ppb	  during	  
the	  campaign.	  It	  is	  noted	  that	  small	  alkyl	  nitrates	  (propyl	  nitrate	  and	  below)	  were	  also	  measured	  by	  GC-‐
MS	  method	  during	  the	  campaign.	  They	  account	  for	  less	  than	  10%	  of	  the	  total	  measured	  by	  TD-‐LIF,	  
suggesting	  the	  importance	  of	  larger	  organic	  nitrate	  compounds.	  Particulate	  nitrate	  measurements	  
spanned	  a	  concentration	  range	  from	  0	  to	  ~170	  ppt,	  representing	  less	  than	  15%	  of	  ∑(ANs+PNs)	  signal.	  
When	  compared	  with	  other	  aerosol	  measurements,	  particulate	  nitrate	  correlates	  very	  well	  with	  aerosol	  
volume	  calculated	  from	  SMPS	  data	  covering	  size	  range	  of	  10	  nm	  to	  500	  nm.	  Correlation	  is	  weakened	  if	  
compared	  to	  measurements	  of	  larger	  size	  particles	  such	  as	  aerodynamic	  particle	  sizer	  (APS)	  or	  PM2.5	  
filter	  gravimetric	  data.	  Particulate	  organic	  nitrate	  did	  not	  exhibit	  a	  regular	  time-‐of	  day	  variation.	  


For	  530	  nm	  system,	  the	  time	  series	  of	  measured	  species	  are	  shown	  in	  Figure	  3-‐61.	  Data	  were	  reported	  
for	  NO2	  from	  January	  20,	  for	  ∑PNs	  from	  January	  24,	  and	  for	  ∑ANs	  from	  January	  25	  to	  February	  28.	  NO2	  
measured	  at	  16	  m	  was	  similar	  to	  NO2	  at	  9	  m,	  especially	  during	  the	  day.	  During	  the	  night,	  we	  observed	  
slightly	  higher	  NO2	  concentration	  further	  from	  the	  ground	  and	  significant	  variations	  in	  NOx	  spikes	  at	  the	  
two	  heights.	  Comparison	  of	  other	  NO2	  measurements	  at	  16	  m	  (MABEL)	  gave	  very	  good	  correlation	  
(R2=0.97)	  and	  a	  slope	  of	  0.993	  (MABEL	  v.s.	  530	  nm	  system).	  ∑ANs	  data	  at	  16	  m	  had	  similar	  pattern	  as	  the	  
∑(PNs+ANs)	  measurements	  at	  9	  m,	  peaking	  during	  mid-‐day.	  ∑PNs	  showed	  a	  weak	  time-‐of-‐day	  variation	  
with	  higher	  concentration	  during	  the	  night	  due	  to	  N2O5.	  Subtracting	  N2O5	  measured	  by	  ARNOLD,	  the	  
remainder	  of	  ∑PNs	  have	  a	  daytime	  peak.	  


An	  extensive	  suite	  of	  speciated	  VOC	  reported	  by	  GC-‐MS	  provides	  one	  way	  of	  calculating	  ∑ANs	  
production	  rates	  and	  correlations	  with	  related	  chemical	  products	  such	  as	  O3.	  We	  intend	  to	  pursue	  a	  
deeper	  and	  more	  quantitative	  understanding	  of	  the	  ∑ANs	  chemistry	  and	  its	  gas-‐aerosol	  partitioning.	  
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Figure	  3-‐60.	  	  The	  time	  series	  of	  the	  data	  from	  the	  408nm	  system.	  	  


	  


	  
Figure	  3-‐61.	  	  The	  time	  series	  of	  the	  data	  from	  the	  530nm	  system.	  	  	  
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CHAPTER	  IV	  


EMISSIONS	  INVENTORY	  REPORT	  


	  


Marc	  Mansfield,	  Devin	  Moss,	  Courtney	  Hall,	  Emily	  Smith,	  and	  Howard	  Shorthill	  
Bingham	  Entrepreneurship	  &	  Energy	  Research	  Center,	  Utah	  State	  University,	  Vernal,	  UT.	  


	  


	  


INTRODUCTION	  	  
This	  document	  reports	  the	  results	  of	  an	  emissions	  inventory	  conducted	  during	  the	  first	  quarter	  of	  2012	  
in	  conjunction	  with	  the	  2012	  Uintah	  Basin	  Winter	  Ozone	  Study	  	  (see	  Table	  4-‐1	  for	  inventory	  summary).	  	  
Unless	  otherwise	  stated,	  all	  results	  are	  for	  February	  2012,	  the	  peak	  season	  for	  ozone	  production	  in	  the	  
Basin	  and	  the	  focus	  of	  this	  inventory.	  	  All	  assumptions	  involved	  in	  arriving	  at	  these	  numbers	  are	  
explained	  in	  the	  main	  body	  of	  the	  text.	  	  Some	  estimates	  are	  not	  well	  constrained,	  so	  a	  careful	  
examination	  of	  provided	  assumptions	  and	  caveats	  is	  recommended.	  	  


Several	  different	  classifications	  of	  hydrocarbons	  are	  used.	  	  VOC	  stands	  for	  “volatile	  organic	  compounds,”	  
but	  in	  the	  context	  of	  ozone	  chemistry,	  the	  term	  usually	  designates	  all	  volatile	  organics	  except	  methane	  
and	  ethane,	  since	  these	  have	  relatively	  limited	  ozone	  reactivity.	  	  At	  sufficient	  concentrations,	  however,	  
methane	  and	  ethane	  do	  contribute	  to	  ozone	  formation	  and,	  therefore,	  is	  included	  in	  this	  inventory.	  	  
NMHC	  designates	  “non-‐methane	  hydrocarbons,”	  so	  this	  category	  is	  equivalent	  to	  VOC	  plus	  ethane.	  	  It	  is	  
sometimes	  possible	  to	  estimate	  the	  contribution	  of	  methane	  and	  ethane	  when	  only	  VOC	  values	  are	  
given,	  to	  estimate	  ethane	  and	  VOC	  when	  only	  methane	  is	  given,	  or	  to	  estimate	  methane	  when	  only	  
NMHC	  are	  given.	  
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Table	  4-‐1.	  	  Uintah	  Basin	  emissions	  estimates	  by	  category	  for	  Feb.	  2012,	  in	  tons	  per	  month.	  	  Surrogate	  
column	  is	  explained	  below.	  	  PS	  (point	  source)	  indicates	  that	  actual	  coordinates	  of	  the	  source	  are	  known	  
or	  will	  be	  known,	  rendering	  surrogate	  representation	  unnecessary.	  


SOURCE	  CATEGORY	   VOC	   METHANE	   NMHC	   NOX	   SURROGATE1	  	  


OIL	  &	  GAS	  EMISSIONS	   	   	   	   	   	  
• Glycol	  dehydrators	   2200†	   	   	   13†	   GP	  


• Heaters	   	   	   	   110†	   W	  


• Drill	  rigs	   	   0.39•	   4.0•	   330†	  or	  156•	   W†	  or	  PS•	  


• Workover	  rigs	   	   0.018•	   0.18•	   13†	  or	  6.9•	   W†	  or	  PS•	  


• Fracking	  processes	   	   0.055•	   0.56•	   22•	   W	  


• Pneumatic	  devices	   1850†	   	   	   	   W	  


• Fugitives	   240†	   	   	   	   W	  


• Venting	  processes	   180†	   	   	   	   GP	  


• Condensate	  tanks	   1700†	   	   	   	   CP	  


• Oil	  tanks	   1600†	   	   	   	   OP	  


• Pneumatic	  pumps	   1000†	   	   	   	   W	  


• Compressor	  engines°	   9†	   	   	   47†	   GP	  


• Artificial	  lift	  engines	   75†	   	   	   240†	   OP	  


• Other	   240†	   	   	   13†	   W	  


• Compressor	  stations	   130	   	   	   390	   PS	  


• Gas	  plants	   25	   	   	   14	   PS	  


• Evap.	  ponds,	  land	  farms2	  	   0	   	   	   0	   PS	  


• Pipeline	  fugitive	  emissions5	   	   72	   3.8	   	   GP	  


TOTAL	  OIL	  &	  GAS	   9200	   72	   8.5	   1000	  to	  12003	   	  


NON	  OIL	  &	  GAS	  EMISSIONS	   	   	   	   	   	  
• Bonanza	  Power	  Plant	   	   	   	   610	   PS	  


• Mobile	  sources6	   	   4.4	   68	   106	   P	  


• Biogenic/Agricultural	   	   420	   	   	   P	  (?)	  


• Home	  Heating	   	   49	   22	   2.2	   P	  


• Land	  Fills	   	   37	   	   	   PS	  


• Natural	  Hydrocarbon	  Seeps5	   	   500*	   25*	   	   W	  


TOTAL	  NON	  OIL	  &	  GAS	   	   510	  to	  10004	   90	  to	  1204	   720	   	  


GRAND	  TOTAL	   9200	   580	  to	  11004	   98	  to	  1304	   1700	  to	  19003	   	  


°	  Non-‐centralized.	  
†	  Estimates	  taken	  directly	  from	  WRAP	  2012	  projections.	  	  
•	  Estimates	  based	  on	  2012	  industry	  survey.	  
*	  Poorly	  constrained	  estimate	  (tightest	  bounds	  at	  this	  time	  put	  value	  between	  30	  and	  30,000	  tons/month).	  
1	  Surrogate:	  	  CP=condensate	  production,	  GP=gas	  production,	  OP=oil	  production,	  P=population,	  PS=point	  source(s),	  W=wells	  
2	  Data	  insufficient	  to	  estimate	  emissions	  for	  all	  ponds	  in	  winter	  conditions.	  	  
3	  Lower	  value	  results	  if	  the	  2012	  industry	  survey	  replaces	  WRAP	  projections.	  
4	  Lower	  value	  results	  if	  the	  contribution	  of	  natural	  seepage	  is	  omitted.	  
5	  Assumes	  95/5	  split	  in	  CH4/NMHC	  percentages	  (Rice,	  et	  al,	  1992).	  
6	  Likely	  does	  not	  include	  a	  complete	  accounting	  of	  mobile	  sources	  related	  to	  the	  oil	  and	  gas	  industry.	  
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RELATED	  WORK	  
The	  only	  other	  region	  in	  the	  world	  known	  to	  produce	  winter	  ozone	  above	  Environmental	  Protection	  
Agency	  (EPA)	  National	  Ambient	  Air	  Quality	  Standards	  (NAAQS)	  is	  the	  Upper	  Green	  River	  Basin	  (UGRB)	  in	  
Wyoming.	  	  Ozone	  was	  detected	  there	  several	  years	  before	  the	  Uintah	  Basin,	  and	  Sublette	  County	  has	  
already	  moved	  into	  non-‐attainment	  with	  respect	  to	  the	  ozone	  NAAQS.	  	  An	  emissions	  inventory	  was	  
assembled	  for	  the	  Upper	  Green,	  (WDEQ,	  2011),	  and	  there	  are	  some	  indications	  that	  it	  underestimates	  
emissions	  	  (Stoeckenius	  and	  Ma,	  2010).	  	  Another	  telling	  point	  is	  that	  the	  Wyoming	  Division	  of	  Air	  Quality	  
(WDAQ)	  conducted	  surprise	  spot-‐tests	  of	  a	  number	  of	  engines	  throughout	  the	  state	  and	  found	  a	  
significant	  number	  to	  be	  emitting	  higher	  than	  reported	  AP-‐42	  factors	  (Dietrich,	  2011).	  	  
	  


PREVIOUS	  EMISSIONS	  INVENTORIES	  AND	  SURVEYS	  


2006	  WRAP-‐III	  and	  2012	  WRAP-‐III	  Projections	  
Working	  under	  the	  auspices	  of	  the	  Western	  Regional	  Air	  Partnership	  (WRAP),	  ENVIRON	  International	  
Corporation	  has	  been	  contracted	  to	  perform	  emissions	  inventories	  throughout	  the	  Western	  United	  
States.	  	  These	  inventories	  have	  had	  an	  important	  impact	  on	  air	  quality	  studies	  and	  on	  permitting	  of	  new	  
facilities.	  	  They	  have	  gone	  through	  multi-‐year	  iterations,	  the	  third	  of	  which—usually	  referred	  to	  as	  
WRAP-‐III—covers	  the	  year	  2006.	  	  ENVIRON	  has	  also	  prepared	  a	  document	  that	  projects	  the	  2006	  WRAP-‐
III	  estimates	  to	  the	  year	  2012	  	  (Friesen,	  et	  al	  2009;	  Bar-‐Ilan,	  et	  al	  2009).	  


Many	  of	  the	  WRAP-‐III	  estimates	  are	  based	  on	  self-‐reporting	  by	  the	  oil	  and	  gas	  industry.	  	  WRAP	  
operationally	  defines	  the	  Uintah	  Basin	  as	  Wasatch,	  Duchesne,	  Uintah,	  Carbon,	  Grand,	  and	  Emery	  
counties.	  	  Although	  combining	  these	  counties	  for	  the	  purposes	  of	  organization	  and	  reporting	  is	  
understood,	  the	  Uintah	  Basin	  airshed	  only	  includes	  Duchesne	  and	  Uintah	  counties;	  therefore,	  only	  those	  
two	  counties	  are	  included	  in	  this	  report.	  	  (Wasatch	  County	  has	  no	  oil	  or	  gas	  industry	  and	  its	  only	  
population	  center	  is	  separated	  from	  the	  Uintah	  Basin	  by	  an	  8000-‐foot	  pass,	  and	  the	  coal	  bed	  methane	  
wells	  of	  Carbon,	  Grand,	  and	  Emery	  counties	  are	  separated	  from	  the	  Uintah	  Basin	  by	  a	  9000-‐foot	  pass.)	  	  	  


Unless	  stated	  otherwise,	  each	  emission	  category	  in	  the	  WRAP	  III	  is	  assumed	  to	  have	  a	  uniform	  annual	  
temporal	  distribution,	  meaning	  that	  survey	  numbers	  for	  annual	  emissions	  are	  multiplied	  by	  a	  factor	  
29/366	  	  (7.92%)	  to	  achieve	  a	  February	  2012	  basis.	  	  This	  assumption	  is	  based	  on	  the	  observation	  that	  the	  
Uintah	  Basin	  petroleum	  industry	  operates	  at	  about	  the	  same	  magnitude	  year-‐round.	  


BLM	  2010	  Inventory	  
The	  Bureau	  of	  Land	  Management	  (BLM)	  has	  contracted	  with	  outside	  consultants	  to	  develop	  its	  own	  
projection	  of	  the	  WRAP-‐III	  inventory.	  	  This	  inventory	  has	  yet	  to	  be	  released	  publicly	  and	  is	  not	  available	  
for	  comparison	  in	  this	  document.	  	  When	  available,	  the	  BLM	  projection	  will	  be	  coordinated	  with	  this	  and	  
the	  WRAP	  studies	  to	  inform	  future	  USU	  inventory	  and	  modeling	  efforts.	  


WEA	  2012	  Survey	  
In	  conjunction	  with	  the	  current	  study,	  Western	  Energy	  Alliance	  (WEA)	  submitted	  surveys	  to	  oil	  and	  gas	  
operators	  that	  sought	  information	  on	  well	  drilling	  and	  fracking	  activity	  during	  the	  first	  quarter	  of	  2012.	  	  
As	  of	  this	  writing,	  five	  companies—Anadarko,	  Newfield,	  Gasco,	  EOG,	  and	  XTO—have	  responded,	  a	  72%	  
response	  rate.	  	  The	  Utah	  Division	  of	  Oil,	  Gas,	  and	  Mining	  (UDOGM)	  also	  collects	  data	  on	  well	  drilling	  and	  
completions.	  	  Data	  from	  both	  sources	  will	  help	  compensate	  for	  under-‐reporting.	  
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SURROGATE	  DISTRIBUTIONS	  
Computer	  models	  require	  spatial	  and	  temporal	  resolution	  of	  emissions	  data.	  	  Typical	  resolutions	  might	  
be	  two	  to	  four	  km	  spatially	  and	  seconds	  or	  minutes	  temporally.	  	  Inventories,	  however,	  lack	  such	  
resolution.	  	  WRAP-‐III,	  for	  example,	  gives	  annual	  emissions	  broken	  down	  by	  county.	  	  In	  such	  situations,	  it	  
is	  customary	  to	  use	  “surrogate”	  distributions,	  i.e.,	  spatial	  or	  temporal	  distributions	  that	  are	  already	  
known	  and	  that	  provide	  a	  reasonable	  approximation	  of	  the	  actual	  distribution.	  	  For	  example,	  below	  we	  
assume	  that	  the	  distribution	  of	  wood	  stoves	  follows	  the	  population	  distribution.	  	  


For	  the	  oil	  and	  gas	  industry,	  adequate	  surrogate	  distributions	  are	  available	  from	  the	  UDOGM	  database	  
(UDOGM,	  2012),	  which	  reports	  monthly	  the	  oil	  and	  gas	  production	  of	  each	  well	  in	  the	  state,	  including	  
the	  number	  of	  days	  during	  which	  any	  given	  well	  was	  actually	  producing.	  	  Longitude	  and	  latitude	  for	  each	  
well	  are	  also	  given.	  	  The	  maps	  in	  Figures	  4-‐1	  through	  4-‐4	  display	  data	  for	  the	  entire	  quarter,	  but	  actual	  
modeling	  resolution	  is	  monthly.	  	  The	  last	  column	  of	  Table	  4-‐1	  indicates	  which	  surrogate	  distribution	  will	  
be	  applied	  in	  any	  given	  situation.	  


The	  maps	  indicate	  three	  broad	  regions	  of	  oil	  and	  gas	  industry.	  	  First	  is	  the	  broad	  swath	  arching	  across	  
the	  northwest	  part	  of	  the	  Basin	  from	  an	  area	  east	  of	  Bluebell	  to	  the	  Cedar	  Rim	  area	  west	  of	  Duchesne.	  
Second	  is	  the	  region	  near	  the	  Pleasant	  Valley/Pariette	  Ridge/Monument	  Butte	  area.	  	  Third	  is	  the	  region	  
near	  the	  Red	  Wash/Ouray/Bonanza	  triangle.	  	  The	  first	  two	  regions,	  lying	  mostly	  in	  Duchesne	  County,	  
produce	  mostly	  oil,	  while	  the	  third,	  located	  in	  Uintah	  County,	  produces	  mostly	  gas.	  


Oil	  and	  Gas	  Production	  
Figures	  4-‐1	  and	  4-‐2	  display	  the	  spatial	  distribution	  of	  oil	  and	  gas	  production,	  respectively,	  for	  the	  three	  
months	  of	  January-‐March	  2012	  and	  will	  be	  used	  as	  surrogate	  distributions	  as	  specified	  in	  Table	  4-‐1.	  	  
Total	  oil	  and	  gas	  production	  figures	  for	  this	  time	  period	  are	  given	  in	  Table	  4-‐2.	  


	  
Figure	  4-‐1.	  	  Spatial	  distribution	  of	  oil	  production,	  Q1	  2012.	  	  Location	  symbols	  here	  and	  in	  subsequent	  
maps:	  	  A=Altamont,	  B=Bonanza,	  D=Duchesne,	  FD=Fort	  Duchesne,	  HP=Horse	  Pool,	  J=Jensen,	  L=Lapoint,	  
M=Myton,	  O=Ouray,	  R=Roosevelt,	  V=Vernal.	  County	  boundaries	  are	  in	  green,	  major	  highways	  in	  black,	  
and	  rivers	  in	  blue.	  	  Contours	  are	  at	  intervals	  of	  2000	  bbl/km2	  up	  to	  10000	  bbl/km2.	  
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Figure	  4-‐2.	  	  Spatial	  distribution	  of	  gas	  production,	  Q1	  2012.	  	  Contours	  are	  at	  intervals	  of	  108	  cf/km2	  up	  to	  
5	  ×	  108	  cf/km2.	  
	  


Table	  4-‐2.	  	  Oil	  and	  gas	  production	  in	  Uintah	  and	  Duchesne	  Counties.	  


Report	  	  	  	  	  	  
Month	  


Oil	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  
(106	  bbl)	  


Gas	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  
(109	  cf)	  


Gas	  Condensate	  	  
(106	  bbl)	  


Full-‐Time	  
Equivalent	  Wells	  


Jan.	  2012	   1.72	   29.0	   0.217	   7824	  
Feb.	  2012	   1.65	   28.3	   0.202	   7971	  
Mar.	  2012	   1.81	   30.7	   0.229	   8175	  


Quarter	  Total	   5.18	   88.0	   0.648	   7991	  


	  


Gas	  Condensate	  Production	  
Gas	  condensate	  refers	  to	  a	  petroleum	  product	  that	  is	  in	  the	  gas	  phase	  at	  underground	  temperatures	  and	  
pressures	  but	  which	  condenses	  to	  a	  liquid	  at	  the	  surface.	  	  Unfortunately,	  the	  UDOGM	  database	  does	  not	  
differentiate	  between	  gas	  condensate	  and	  produced	  oil.	  	  It	  does,	  however,	  differentiate	  between	  “oil”	  
and	  “gas”	  wells,	  the	  distinction	  being	  one	  of	  degree,	  as	  most	  gas	  wells	  produce	  some	  oil,	  and	  most	  oil	  
wells	  produce	  some	  gas.	  	  For	  the	  purposes	  of	  constructing	  a	  gas	  condensate	  surrogate	  distribution	  from	  
the	  UDOGM	  database,	  “gas	  condensate”	  will	  be	  defined	  operationally	  as	  oil	  produced	  from	  any	  well	  
designated	  by	  UDOGM	  as	  a	  gas	  well.	  	  The	  resulting	  distribution	  appears	  as	  Figure	  4-‐3.	  	  See	  Table	  4-‐2	  for	  
a	  summary	  of	  gas	  condensate	  production	  according	  to	  this	  definition.	  	  
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Figure	  4-‐3.	  	  Spatial	  distribution	  of	  gas	  condensate	  production	  for	  the	  first	  quarter	  of	  2012.	  	  Contours	  are	  
at	  intervals	  of	  400	  bbl/km2	  up	  to	  2400	  bbl/km2.	  
	  


Well	  Density	  
The	  density	  of	  active	  oil	  and	  gas	  wells	  for	  the	  period	  January-‐March	  2012	  appears	  in	  Figure	  4-‐4.	  	  The	  
figure	  only	  includes	  wells	  that	  actually	  produced	  during	  the	  time	  period.	  	  To	  qualify	  as	  one	  full-‐time	  
equivalent,	  a	  well	  had	  to	  be	  operational	  for	  the	  entire	  time	  period.	  	  Otherwise,	  the	  contribution	  of	  a	  well	  
was	  apportioned	  according	  to	  the	  actual	  number	  of	  days	  of	  operation.	  	  The	  number	  of	  full-‐time-‐
equivalent	  active	  wells	  is	  given	  in	  Table	  4-‐2.	  


	  
Figure	  4-‐4.	  	  Spatial	  distribution	  of	  active	  wells,	  Q1	  2012.	  	  Contours	  are	  at	  intervals	  of	  two	  full-‐time-‐
equivalent	  wells	  per	  km2	  up	  to	  12	  wells/km2.	  
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Population	  Density	  	  	  
Population	  figures	  were	  obtained	  from	  the	  2010	  U.S.	  Census.	  	  The	  resulting	  distribution	  map	  appears	  in	  
Figure	  4-‐5.	  


	  
Figure	  4-‐5.	  	  Population	  density	  in	  the	  Uintah	  Basin.	  	  Total	  population	  is	  51,182.	  	  Light	  gray	  contours	  are	  
at	  10	  and	  50	  individuals/km2.	  	  Solid	  contours	  are	  at	  intervals	  of	  100	  individuals	  km-‐2	  up	  to	  500.	  
	  


	  


OIL	  &	  GAS	  EMISSIONS	  
For	  convenience	  in	  categorizing,	  this	  section	  considers	  emissions	  from	  the	  oil	  and	  gas	  industry.	  	  
Emissions	  from	  all	  other	  sources	  are	  covered	  below	  in	  the	  section,	  “Non	  Oil	  and	  Gas	  Emissions.”	  	  


WRAP-‐III	  does	  not	  include	  any	  non	  oil-‐and-‐gas	  emissions,	  and	  several	  oil-‐and-‐gas	  categories	  are	  also	  
omitted.	  	  For	  those	  emissions	  categories	  covered	  by	  WRAP-‐III,	  the	  emissions	  quantities	  provided	  by	  the	  
WRAP-‐III	  2012	  projection	  have	  been	  adopted,	  as	  indicated	  in	  Table	  4-‐1.	  	  The	  original	  WRAP-‐III	  
documents	  (Friesen,	  et	  al,	  2009;	  Bar-‐Ilan,	  et	  al,	  2009)	  are	  available,	  and	  review	  of	  methodologies	  and	  
assumptions	  is	  encouraged.	  	  Estimates	  are	  provided	  for	  all	  remaining	  significant	  source	  categories.	  	  All	  
additions	  or	  alterations	  to	  the	  WRAP-‐III	  numbers	  are	  explained	  below,	  and	  also	  appear	  in	  Table	  4-‐1.	  	  


Emissions	  categories	  unavailable	  at	  the	  time	  of	  the	  WRAP-‐III	  inventory	  or	  that	  have	  become	  obsolete	  
because	  of	  newer	  data	  can	  be	  summarized	  as	  follows:	  	  	  


1. The	  WEA	  industry	  survey	  gives	  a	  detailed	  picture	  of	  the	  drilling	  and	  fracking	  activity	  during	  an	  
eight-‐week	  period	  from	  mid-‐January	  to	  mid-‐March	  2012.	  	  	  


2. Probably	  because	  they	  have	  come	  on	  line	  since	  2006,	  several	  major	  point	  source	  emitters	  
(compressor	  stations,	  gas	  plants)	  are	  not	  documented	  by	  WRAP-‐III.	  	  	  


3. Due	  to	  minor	  source	  classification	  and	  absent	  report	  requirement,	  none	  of	  the	  90	  or	  so	  smaller	  
compressor	  stations	  and	  gas	  plants	  was	  included	  in	  WRAP-‐III.	  	  It	  was	  observed,	  however,	  that	  
these	  sources	  collectively	  emit	  about	  as	  much	  as	  the	  ca.	  20	  major	  sources.	  	  	  
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4. Produced	  water	  disposal	  sites	  (evaporation	  ponds,	  land	  farms)	  were	  not	  included	  in	  WRAP-‐III.	  	  	  


5. Fugitive	  emissions	  from	  pipelines	  that	  transport	  natural	  gas	  from	  wellheads	  to	  compressor	  
stations	  were	  not	  integrated	  in	  WRAP-‐III	  estimates.	  


This	  study	  attempts	  to	  estimate	  the	  emissions	  contributions	  of	  sources	  not	  included	  in	  WRAP	  III.	  


Drilling	  and	  Fracking	  Activity:	  	  Results	  of	  Industry	  Survey	  


Drill	  Rigs,	  New	  Wells	  (Spuds)	  
Drilling	  activities	  are	  an	  important	  source	  of	  emissions	  because	  of	  the	  large	  diesel	  engines	  
powering	  the	  drill	  rigs.	  	  Uintah	  Basin	  operators	  were	  asked	  to	  submit	  reports	  on	  drilling	  activity	  
for	  the	  eight-‐week	  period	  from	  15	  January	  to	  10	  March	  2012.	  	  Five	  companies	  responded,	  and	  
results	  are	  summarized	  in	  Table	  4-‐3.	  	  One	  hundred	  three	  new	  wells	  were	  drilled	  by	  these	  
companies	  over	  the	  eight-‐week	  reporting	  period,	  and	  drilling	  operations	  consumed	  977,000	  
gallons	  of	  diesel	  fuel.	  	  According	  to	  the	  UDOGM	  database,	  1074	  new	  wells	  were	  completed	  in	  all	  
of	  2011,	  777	  of	  which	  were	  drilled	  by	  the	  five	  respondent	  companies.	  	  In	  other	  words,	  these	  five	  
companies	  accounted	  for	  72.3%	  of	  all	  new	  wells	  drilled	  in	  2011.	  	  	  


To	  compensate	  for	  non-‐responses	  to	  the	  survey,	  the	  same	  ratio	  over	  the	  reporting	  period	  is	  
assumed.	  	  It	  is	  estimated,	  therefore,	  that	  non-‐reporting	  companies	  consumed	  373,000	  gallons	  of	  
diesel	  fuel	  during	  the	  same	  eight-‐week	  period.	  	  While	  accurate	  spatial	  and	  temporal	  
distributions	  of	  diesel	  consumed	  by	  the	  five	  reporting	  companies	  exist	  (daily	  fuel	  consumption	  
and	  longitude	  and	  latitude	  are	  reported	  for	  each	  well	  drilled),	  it	  is	  assumed	  that	  the	  additional	  
373,000	  gallons	  are	  distributed	  uniformly	  in	  time	  (6669	  gal/day),	  and	  well	  density	  as	  a	  surrogate	  
is	  used	  for	  spatial	  distribution.	  	  Figure	  4-‐6	  displays	  the	  daily	  diesel	  consumption	  according	  to	  
these	  assumptions.	  


Table	  4-‐3.	  	  Statistics	  on	  new	  well	  drilling	  and	  completions.	  	  RIS	  =	  Reported	  in	  Survey.	  


COMPANY	  
Number	  of	  	  	  	  	  	  	  	  	  	  	  	  	  


New	  Wells	  RIS	  
2011	  Completions	  	  	  
Reported	  to	  State	  


Fuel	  Consumption	  	  	  	  	  	  	  	  	  	  	  	  	  	  
(103	  gal	  of	  diesel)	  RIS	  


Anadarko	   56	   394	   555	  
Newfield	   43	   313	   330	  
EOG	   2	   44	   75	  
XTO	   2	   25	   17	  
Gasco	   0	   1	   0	  


SUB-‐TOTAL	   103	   777	   977	  
All	  others	   not	  reported	   297	   373	  (estimated)	  
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Figure	  4-‐6.	  	  Daily	  consumption	  of	  diesel	  fuel	  for	  the	  drilling	  of	  new	  wells,	  15	  Jan.	  -‐	  10	  Mar.	  2012.	  	  
Contributions	  for	  Anadarko,	  Newfield,	  EOG,	  and	  XTO	  are	  shown	  respectively	  in	  white,	  red,	  green,	  and	  
blue.	  	  Estimated	  contributions	  for	  non-‐responding	  companies	  are	  shown	  in	  black.	  
	  


AP-‐42	  emissions	  factors	  for	  the	  large	  diesel	  engines	  used	  in	  these	  activities	  permit	  the	  following	  
emissions	  estimates	  (AP-‐42,	  2012):	  (0.219	  ton	  NOx)/(1000	  gal	  diesel),	  (5.5	  ×	  10–4	  ton	  CH4	  )/(1000	  gal	  
diesel),	  and	  (5.6	  ×	  10–3	  ton	  NMHC	  )/(1000	  gal	  diesel).	  	  From	  1-‐29	  February	  2012,	  it	  is	  estimated	  that	  
711,000	  gallons	  of	  diesel	  were	  consumed	  during	  new	  well	  drilling.	  	  Resulting	  values	  appear	  in	  Table	  4-‐1.	  


Workover	  Rigs	  and	  Fracking	  
Over	  the	  eight-‐week	  reporting	  period,	  the	  four	  companies	  above	  reported	  fuel	  consumption	  by	  
workover	  rigs	  and	  by	  fracking	  activities	  at	  51,000	  gal	  and	  207,000	  gal,	  respectively.	  	  Over	  the	  
period	  1-‐29	  February	  2012,	  the	  companies	  reported	  the	  use	  of	  29,000	  gal	  for	  workover	  drilling	  
and	  100,000	  gal	  for	  fracking.	  	  The	  same	  adjustment	  for	  under-‐reporting	  and	  the	  same	  emissions	  
factors	  are	  applied	  to	  arrive	  at	  the	  entries	  shown	  in	  Table	  4-‐1.	  


Fracking	  Flowback	  Estimates	  	  	  
As	  part	  of	  the	  survey,	  operators	  were	  asked	  to	  report	  volumes	  of	  gas	  vented	  and	  flared	  as	  a	  
result	  of	  fracking	  flowback	  during	  the	  reporting	  period.	  	  Due	  to	  the	  employment	  of	  green	  
completions,	  Anadarko	  and	  EOG	  reported	  zero	  for	  both	  categories.	  	  Newfield	  reported	  that	  it	  
had	  flared	  4.1	  ×	  103	  cf	  of	  gas.	  	  Flaring	  of	  a	  few	  thousand	  cf	  should	  produce	  only	  negligible	  
amounts	  of	  NOx.	  	  (The	  appropriate	  emission	  factor	  is	  76	  lb	  NOx/106	  cf	  [EPA-‐AP42].)	  	  XTO	  did	  not	  
complete	  this	  part	  of	  the	  survey,	  whether	  because	  it	  employs	  green	  completions	  or	  because	  it	  
does	  not	  frack	  is	  not	  clear.	  	  In	  either	  case,	  since	  XTO’s	  contribution	  would	  have	  been	  much	  
smaller	  than	  Newfield’s,	  further	  analysis	  of	  this	  category	  was	  not	  performed.	  
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Major	  and	  Minor	  Oil-‐and-‐Gas	  Point	  Sources	  
Depending	  on	  location,	  either	  the	  State	  of	  Utah	  or	  the	  Ute	  Tribe	  has	  jurisdiction	  over	  air	  quality	  
permitting	  and	  report	  collection,	  with	  the	  Tribe	  receiving	  technical	  assistance	  from	  EPA.	  	  Since	  no	  single	  
jurisdiction	  had	  a	  complete	  list	  of	  point	  sources,	  emissions	  and	  location	  data	  were	  compiled	  from:	  


1. EPA	  Region	  8	  reports	  of	  ~20	  “Title	  V”	  (major	  source)	  gas	  plants	  and	  compressor	  stations,	  


2. Utah	  Division	  of	  Air	  Quality	  permit	  information,	  	  


3. Uintah	  and	  Duchesne	  County	  governments	  GIS	  shape	  files	  and/or	  paper	  maps,	  	  


4. State	  and	  County	  tax	  assessors	  lists,	  and	  


5. Anadarko	  gas	  plant	  and	  compressor	  station	  maps	  and	  gas	  collection	  data,	  (Anadarko,	  2012).	  


Since	  no	  industry	  standard	  exists	  for	  the	  naming	  of	  stations,	  and	  since	  station	  names	  are	  not	  always	  
distinctive	  (e.g.,	  “East	  Compressor	  Station”)	  or	  are	  taken	  from	  geographical	  landmarks,	  stations	  
occasionally	  shared	  the	  same	  or	  similar	  name.	  	  In	  this	  context,	  it	  was	  necessary	  to	  assume	  that	  such	  
stations	  were	  distinct	  if	  (1)	  they	  had	  different	  operators,	  (2)	  were	  reported	  to	  be	  in	  different	  locations	  
(different	  latitude/longitude,	  section/township,	  county),	  or	  (3)	  were	  listed	  separately	  by	  some	  
governmental	  entity	  (seemingly,	  Anadarko	  and	  Mustang	  Fuel	  operate	  distinct	  Willow	  Creek	  stations).	  


Operators	  are	  required	  to	  submit	  an	  annual	  emissions	  report	  (AER)	  for	  each	  major	  (i.e.,	  “Title	  V”)	  
emissions	  source,	  but	  not	  for	  minor	  sources.	  	  In	  the	  Uintah	  Basin,	  about	  20	  compressor	  stations	  and	  gas	  
plants	  fall	  under	  the	  former	  category,	  and	  about	  90	  fall	  under	  the	  latter.	  	  Of	  the	  major	  sources,	  the	  
latest	  available	  AER	  typically	  was	  from	  2011,	  at	  times	  from	  2010.	  	  For	  this	  study,	  2012	  Q1	  emissions	  have	  
been	  extrapolated	  from	  the	  latest	  AERs.	  	  Furthermore,	  as	  part	  of	  the	  permitting	  process	  for	  a	  
construction	  application,	  a	  potential-‐to-‐emit	  statement	  (PTES)	  is	  required,	  which	  then	  becomes	  public	  
record.	  	  Several	  PTESs	  were	  obtained,	  both	  for	  major	  and	  minor	  sources,	  and	  were	  used	  in	  this	  study	  to	  
estimate	  emissions	  in	  the	  absence	  of	  AERs.	  	  It	  was	  found,	  however,	  that	  when	  both	  a	  PTES	  and	  an	  AER	  
were	  available,	  the	  PTES	  was	  an	  over-‐estimate.	  	  When	  both	  were	  available,	  the	  “over-‐estimation	  rate”	  
(OER)	  was	  applied	  to	  rescale	  emissions	  reported	  by	  the	  PTES.	  	  Finally,	  any	  minor	  source	  with	  neither	  a	  
PTES	  nor	  an	  AER	  was	  assumed	  to	  emit	  at	  the	  same	  average	  rate	  as	  a	  minor	  source	  with	  a	  rescaled	  PTES.	  	  


Compressor	  Stations	  	  	  
A	  compressor	  station	  collects	  gas	  from	  individual	  wellheads	  through	  a	  network	  of	  pipelines	  and	  
compresses	  the	  gas	  for	  transmission	  at	  higher	  density.	  	  These	  stations	  emit	  both	  VOC	  and	  NOx.	  	  
Gas	  compression	  activities	  are	  reported	  in	  the	  WRAP-‐III	  projection	  as	  either	  “centralized”	  (i.e.,	  
occurring	  at	  compressor	  stations)	  or	  “non-‐centralized”	  (i.e.,	  occurring	  at	  the	  well	  head	  or	  during	  
lateral	  transmission).	  	  WRAP-‐III	  projects	  non-‐centralized	  compressor	  emissions	  to	  be	  9	  
tons/month	  of	  VOC	  and	  47	  tons/month	  of	  NOx.	  	  These	  values	  also	  appear	  in	  Table	  4-‐1.	  	  WRAP-‐III	  
estimates	  centralized	  compressor	  emissions	  to	  be	  31	  tons/month	  of	  VOC	  and	  130	  tons/month	  of	  
NOx.	  	  However,	  based	  on	  the	  updated	  survey	  of	  compressor	  stations,	  as	  summarized	  in	  Table	  4-‐
4,	  centralized	  compressor	  emissions	  are	  estimated	  to	  be	  130	  tons/month	  of	  VOC	  and	  390	  
tons/month	  of	  NOx,	  values	  appearing	  in	  Table	  4-‐1	  under	  the	  “compressor	  stations”	  category.	  	  A	  
complete	  list	  of	  stations	  with	  location	  and	  emissions	  data	  is	  available	  upon	  request.	  
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Table	  4-‐4.	  	  Emissions	  from	  Uintah	  Basin	  compressor	  stations.	  	  OER	  =	  over-‐estimation	  rate	  of	  PTES.	  


	   	   #	   VOC	  	  	  
(ton/yr)	  


NOx	  	  	  	  	  	  


(ton/yr)	  
1	   Number	  of	  Title	  V	  stations	  found.	   19	   	   	  
2	   Number	  of	  stations	  in	  Line	  1	  with	  available	  PTESs.	   3	  
3	   Average	  VOC	  and	  NOx	  emissions	  of	  stations	  in	  Line	  1.	   	   43.5	   69.1	  
4	   OER	  of	  stations	  in	  Line	  2.	   	   3.6	   3.4	  
5	   Number	  of	  non	  Title	  V	  stations	  found.	   88	   	   	  
6	   Number	  of	  stations	  in	  Line	  5	  with	  available	  PTESs.	   14	  
7	   Average	  VOC	  and	  NOx	  emissions	  of	  stations	  in	  Line	  6,	  PTES	  reported	  	   	   35.4	   140.1	  
8	   Adjustment	  (rescale)	  for	  over-‐estimation	  (Line	  7	  ÷	  Line	  4).	   	   9.8	   41.2	  
9	   Total	  emissions	  estimate	  for	  Title	  V	  stations	  (Line	  1	  ×	  Line	  3).	   	   826.5	   1312.9	  
10	   Total	  emissions	  estimate	  for	  non	  Title	  V	  stations	  (Line	  5	  ×	  Line	  8).	   	   862.4	   3625.6	  
11	   Total	  annual	  emissions	  (Line	  9	  +	  Line	  10).	   	   1688.9	   4938.5	  


	  


Gas	  Plants	  
Gas	  plants	  play	  a	  role	  in	  purification	  of	  raw	  natural	  gas.	  	  Table	  4-‐5	  presents	  estimates	  for	  plant	  
emissions	  of	  VOC	  and	  NOx.	  	  Tables	  4-‐4	  and	  4-‐5	  confirm	  that,	  collectively,	  non-‐permitted	  stations	  
emit	  about	  as	  much	  as	  permitted	  ones.	  


Table	  4-‐5.	  	  Emissions	  from	  Uintah	  Basin	  gas	  plants.	  	  OER	  =	  over-‐estimation	  rate	  of	  PTES.	  


	   	   #	   VOC	  	  	  
(ton/yr)	  


NOx	  	  	  	  	  	  


(ton/yr)	  
1	   Number	  of	  Title	  V	  plants	  found.	   3	   	   	  
2	   Number	  of	  plants	  in	  Line	  1	  with	  available	  PTESs.	   2	  
3	   Average	  VOC	  and	  NOx	  emissions	  of	  plants	  in	  Line	  1.	   	   51.1	   35.8	  
4	   OER	  of	  plants	  in	  Line	  2.	   	   2.5	   4.2	  
5	   Number	  of	  non	  Title	  V	  plants	  found.	   6	   	   	  
6	   Number	  of	  plants	  in	  Line	  5	  with	  available	  PTESs.	   2	  
7	   Average	  VOC	  and	  NOx	  emissions	  of	  plants	  in	  Line	  6,	  PTES	  reported	  	   	   67.62	   49.9	  
8	   Adjustment	  (rescale)	  for	  over-‐estimation	  (Line	  7	  ÷	  Line	  4).	   	   27.00	   11.9	  
9	   Total	  emissions	  estimate	  for	  Title	  V	  plants	  (Line	  1	  ×	  Line	  3).	   	   153.3	   107.4	  
10	   Total	  emissions	  estimate	  for	  non	  Title	  V	  plants	  (Line	  5	  ×	  Line	  8).	   	   162.0	   71.4	  
11	   Total	  annual	  emissions	  (Line	  9	  +	  Line	  10).	   	   315.3	   	  178.8	  


	  


Land	  Farms	  	  	  
A	  land	  farm	  is	  a	  type	  of	  disposal	  facility	  similar	  to	  a	  landfill.	  	  Unrecoverable	  petroleum	  or	  
contaminated	  soil	  is	  discharged	  into	  a	  lined	  pit	  and	  blended	  with	  additional	  soil.	  	  Microbes	  in	  the	  
soil	  break	  down	  the	  petroleum,	  and	  the	  liner	  prevents	  environmental	  contamination.	  	  When	  
retired	  from	  service,	  the	  farm	  is	  covered	  over.	  	  While	  only	  two	  or	  three	  currently	  are	  in	  
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operation	  in	  the	  Basin,	  emissions	  from	  such	  facilities	  are	  not	  at	  all	  characterized.	  	  At	  this	  time,	  
no	  effort	  has	  been	  made	  to	  account	  for	  land	  farm	  emissions.	  


Evaporation	  Ponds	  
Produced	  water	  is	  brought	  to	  the	  surface	  along	  with	  oil	  and	  gas	  during	  production.	  	  It	  is	  too	  fouled	  with	  
hydrocarbons	  to	  be	  discharged	  directly	  into	  the	  environment.	  	  One	  technology	  for	  its	  disposal	  is	  to	  
discharge	  it	  into	  evaporation	  ponds.	  	  These	  are	  typically	  on	  the	  order	  of	  one-‐	  or	  two-‐meters	  deep	  and	  
have	  surface	  areas	  of	  about	  an	  acre	  or	  two.	  	  A	  single	  disposal	  facility	  might	  contain	  only	  one	  or	  as	  many	  
as	  a	  dozen	  separate	  ponds.	  	  The	  ponds	  are	  lined	  with	  thick	  polyethylene	  to	  sequester	  its	  contents	  from	  
the	  environment.	  	  These	  ponds	  are	  assumed	  to	  be	  sources	  of	  VOC	  emissions.	  	  The	  hydrocarbons	  that	  
find	  their	  way	  into	  the	  ponds	  either	  evaporate	  directly,	  are	  converted	  by	  bacteria	  to	  CO2	  or	  to	  lighter	  
hydrocarbons	  which	  then	  vent,	  or	  they	  remain	  as	  sludge.	  	  At	  the	  end	  of	  their	  life	  cycle,	  the	  ponds	  are	  
covered	  with	  soil,	  liner	  and	  all,	  raising	  the	  possibility	  that	  emissions	  can	  continue	  even	  from	  
decommissioned,	  buried	  ponds.	  	  


Accounting	  for	  emissions	  from	  the	  evaporation	  ponds	  is	  problematic	  on	  three	  counts.	  	  First,	  as	  with	  
compressor	  stations,	  simply	  assembling	  a	  complete	  list	  has	  proven	  to	  be	  a	  challenge,	  but	  combining	  data	  
from	  several	  sources	  has	  led	  to	  some	  success.	  	  (A	  spreadsheet	  of	  all	  located	  facilities	  will	  be	  made	  
available	  upon	  request.)	  	  Second,	  estimating	  emissions	  from	  facilities	  that	  have	  not	  been	  well	  
characterized	  or	  studied	  has	  been	  uncertain.	  	  Third,	  gaining	  access	  to	  ponds	  has	  been	  complicated,	  often	  
requiring	  extensive	  negotiations	  not	  only	  with	  management	  but	  also	  with	  legal	  representatives	  and	  
environmental	  consultants.	  	  While	  USU	  has	  initiated	  emissions	  measurements	  at	  a	  few	  ponds,	  only	  
preliminary	  data	  is	  available	  at	  this	  time.	  	  Additionally,	  it	  has	  been	  observed	  that	  evaporation	  ponds	  can	  
freeze	  over	  during	  intense	  wintertime	  inversions,	  but	  data	  adequate	  to	  quantitatively	  assess	  the	  effects	  
of	  temperature	  and	  state	  changes	  on	  hydrocarbon	  emissions	  from	  ponds	  is	  not	  yet	  available.	  	  


At	  this	  time,	  data	  are	  insufficient	  to	  estimate	  wintertime	  pond	  emissions	  for	  the	  entire	  Basin.	  	  
Measurements	  must	  be	  obtained	  during	  all	  seasons	  and	  over	  both	  active	  and	  decommissioned	  ponds	  to	  
provide	  better	  emissions	  characterization.	  


Fugitive	  Pipeline	  Emissions	  
The	  WRAP-‐III	  inventory	  omitted	  estimates	  for	  fugitive	  pipeline	  emissions	  from	  the	  wellheads	  to	  the	  
compressor	  stations	  (“gathering”	  pipelines)	  because	  it	  lacked	  data	  on	  the	  relevant	  pipeline	  mileage.	  	  For	  
this	  study,	  however,	  gathering	  pipeline	  mileage	  figures	  were	  found	  for	  both	  Anadarko	  and	  QEP	  at	  their	  
respective	  websites	  (Anadarko,	  2012;	  QEP,	  2012).	  	  These	  companies	  are	  the	  major	  gas	  producers	  in	  the	  
area,	  and	  as	  a	  coarse	  approximation	  it	  is	  assumed	  that	  these	  figures	  account	  for	  the	  bulk	  of	  gas	  
transmission	  losses.	  	  Table	  4-‐6	  summarizes	  the	  emissions	  factor	  that	  has	  been	  applied	  to	  gathering	  
pipeline	  (Shires	  et	  al.,	  2009).	  


Table	  4-‐6.	  	  Estimate	  of	  fugitive	  pipeline	  emissions.	  
Anadarko	  mileage	   1300	  mi	  
QEP	  mileage	   1030	  mi	  
Total	  mileage	   2330	  
Emissions	  factor	   826	  lb	  CH4/(mi	  ×	  yr)	  
Total	  annual	  emission	   962	  tons/year	  
Total	  monthly	  emissions	   76	  tons/month	  
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Use	  of	  a	  “one-‐size-‐fits-‐all”	  emissions	  factor	  is	  probably	  a	  gross	  oversimplification.	  	  A	  more	  accurate	  
calculation	  would	  count	  the	  number	  of	  fittings,	  flanges,	  etc.	  	  At	  this	  time,	  however,	  this	  is	  the	  best	  
estimate	  that	  can	  be	  made	  given	  the	  available	  data.	  


	  


NON	  OIL	  &	  GAS	  EMISSIONS	  


Bonanza	  Power	  Plant	  	  
The	  Bonanza	  Power	  Plant	  is	  the	  only	  PSD	  (Prevention	  of	  Significant	  Deterioration)	  facility	  in	  the	  Basin,	  
and	  is	  also	  its	  single	  largest	  source	  of	  NOx.	  	  The	  effects	  of	  emissions	  are	  mitigated	  by	  the	  use	  of	  a	  600-‐ft	  
stack,	  so	  wintertime	  emissions	  may	  often	  be	  injected	  above	  the	  mixing	  layer	  and	  may	  not	  contribute	  
significantly	  to	  ozone	  formation.	  	  Modeling	  will	  provide	  better	  understanding	  of	  these	  effects.	  


The	  plant	  sends	  quarterly	  reports	  to	  the	  EPA	  with	  detailed	  hourly	  emissions	  data,	  which	  then	  become	  
part	  of	  the	  public	  record.	  	  The	  Q1	  2012	  report	  was	  obtained	  from	  EPA’s	  website	  (AMPD,	  2012).	  	  Total	  
emissions	  for	  February	  2012	  were	  610	  ton	  NOx	  and	  98	  ton	  SO2.	  	  Figure	  4-‐7	  plots	  daily	  emissions	  for	  the	  
quarter.	  	  Most	  power	  plants	  do	  not	  emit	  a	  significant	  amount	  of	  VOC	  (Garcia	  et	  al.,	  1992).	  


	  
Figure	  4-‐7.	  	  Daily	  NOx	  emission	  from	  the	  Bonanza	  Power	  Plant,	  Q1	  2012.	  


	  


Other	  Point	  Sources	  	  	  
The	  only	  other	  significant	  point-‐source	  emitters	  of	  which	  we	  are	  aware	  are	  the	  Simplot	  Phosphate	  Mine,	  
10	  mi	  north	  of	  Vernal,	  and	  the	  American	  Gilsonite	  Mine,	  near	  Bonanza.	  	  Both	  qualify	  as	  minor	  sources,	  
so	  emissions	  data	  are	  not	  readily	  available.	  	  Futhermore,	  the	  phosphate	  mine	  is	  situated	  on	  the	  southern	  
flank	  of	  the	  Uinta	  Mountains	  and	  typically	  remains	  above	  the	  inversion	  layer	  during	  periods	  of	  winter	  
ozone	  production.	  
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Mobile	  Sources	  	  
The	  dominant	  contribution	  in	  this	  source	  category	  is	  emissions	  by	  vehicles.	  	  The	  calculation	  reported	  
here	  used	  the	  EPA-‐approved	  MOVES	  computer	  program	  and	  was	  performed	  by	  Patrick	  Barickman,	  
Richard	  McKeague,	  and	  Peter	  Verschoor	  of	  the	  Utah	  Division	  of	  Air	  Quality.	  	  MOVES	  uses	  meteorological	  
variables	  such	  as	  relative	  humidity	  and	  temperature,	  which	  were	  obtained	  from	  the	  MesoWest	  database	  
(Mesowest,	  2012),	  and	  data	  on	  the	  number	  and	  types	  of	  registered	  vehicles	  and	  the	  number	  of	  vehicle	  
miles	  traveled,	  which	  were	  supplied	  to	  the	  Division	  by	  the	  Utah	  Department	  of	  Transportation.	  	  MOVES	  
estimates	  hourly	  emissions	  based	  on	  these	  data.	  	  The	  extent	  to	  which	  these	  data	  accurately	  represent	  
mobile	  source	  emissions	  in	  oil	  and	  gas	  producing	  areas	  in	  the	  Uintah	  Basin	  is	  unclear	  since	  the	  
Department	  of	  Transportation	  does	  not	  routinely	  collect	  traffic	  data	  on	  rural	  or	  dirt	  roads	  (Virgen,	  2012).	  	  
Runs	  performed	  for	  six	  separate	  days	  during	  February	  2012	  included	  four	  weekdays	  and	  two	  weekends.	  	  
Table	  4-‐7	  summarizes	  the	  results	  of	  these	  calculations.	  	  	  


Table	  4-‐7.	  	  Mobile	  non	  oil-‐and-‐gas	  emissions:	  summary	  of	  MOVES	  runs.	  	  All	  units	  are	  tons/day.	  


	   Duchesne	  County	   Uintah	  County	   TOTAL	  	  


Date	   CH4	   NMHC	   NOx	   CH4	   NMHC	   NOx	   CH4	   NMHC	   NOx	  


02/01/2012,	  Wed	   0.07	   1.02	   1.51	   0.10	   1.52	   2.25	   0.17	   2.54	   3.76	  
02/07/2012,	  Tue	   0.08	   1.09	   1.52	   0.11	   1.60	   2.26	   0.19	   2.69	   3.78	  
02/13/2012,	  Mon	   0.06	   0.89	   1.49	   0.08	   1.35	   2.22	   0.14	   2.24	   3.71	  
02/16/2012,	  Thu	   0.06	   0.93	   1.50	   0.09	   1.40	   2.24	   0.15	   2.33	   3.74	  
02/19/2012,	  Sun	   0.05	   0.82	   1.39	   0.08	   1.28	   2.00	   0.13	   2.10	   3.39	  
02/25/2012,	  Sat	   0.05	   0.79	   1.40	   0.07	   1.16	   2.00	   0.12	   1.95	   3.40	  
	  


Weekdays	  generally	  are	  expected	  to	  have	  higher	  emissions	  than	  weekends	  due	  to	  differences	  in	  usage	  
patterns.	  	  Table	  4-‐8	  gives	  averages	  for	  weekends	  and	  weekdays.	  


Table	  4-‐8.	  	  Mobile	  non	  oil-‐and-‐gas	  emissions	  averages	  of	  
different	  usage	  patterns.	  	  All	  units	  are	  tons/day.	  


	   CH4	   NMHC	   NOx	  	  


Weekdays	   0.160	   2.45	   3.750	  
Weekends	   0.125	   2.02	   3.395	  


	  


The	  above	  averages,	  however,	  can	  be	  used	  to	  estimate	  emissions	  for	  the	  entire	  month	  of	  February	  2012	  
(8	  weekends	  and	  21	  weekdays):	  	  CH4	  =	  4.4	  tons/mo;	  NMHC	  =	  68	  ton/mo;	  NOx	  =	  106	  ton/mo.	  	  Spatial	  
distribution	  for	  the	  emissions	  will	  use	  population	  as	  a	  surrogate	  (Figure	  4-‐6).	  


Biogenic	  and	  Agricultural	  	  
Cellulose-‐digesting	  animals	  (e.g.,	  ruminants)	  are	  expected	  to	  be	  the	  only	  wintertime	  biogenic	  or	  
agricultural	  source	  of	  emissions.	  	  They	  generate	  and	  belch	  methane	  during	  the	  digestive	  process.	  	  
Estimates	  (in	  units	  of	  kg/yr/head)	  of	  the	  methane	  production	  of	  several	  common	  animals	  include	  60	  for	  
beef	  cattle,	  120	  for	  dairy	  cattle,	  8	  for	  sheep,	  5	  for	  goats,	  and	  18	  for	  horses,	  with	  smaller	  emissions	  for	  
immature	  animals	  (EPA,	  1993;	  Johnson	  and	  Johnson,	  1995).	  	  
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The	  single	  largest	  ruminant	  population	  in	  the	  Uintah	  Basin	  is	  beef	  cattle,	  estimated	  at	  80,000	  head	  
(Kitchen,	  2012).	  	  Calving	  occurs	  in	  early	  spring,	  so	  by	  the	  following	  February,	  there	  are	  no	  immature	  
individuals;	  even	  the	  youngest	  cattle	  emit	  methane	  essentially	  at	  the	  adult	  rate.	  	  Some	  dairy	  farming	  
also	  occurs	  but	  is	  less	  extensive	  and	  has	  not	  yet	  been	  estimated.	  	  Sheep	  ranching	  also	  occurs	  but	  is	  not	  
given	  high	  priority	  due	  to	  the	  much	  smaller	  emissions	  factor.	  	  Horses	  in	  the	  Basin	  are	  either	  privately	  
owned	  or	  part	  of	  wild	  herds	  on	  BLM	  land.	  	  BLM	  was	  unable	  to	  estimate	  wild	  herd	  numbers,	  so	  the	  total	  
horse	  population	  remains	  unknown,	  and	  emissions	  have	  not	  been	  estimated.	  	  The	  80,000	  head	  beef	  
cattle	  population	  monthly	  emits	  420	  tons/mo.	  


The	  correct	  spatial	  distribution	  of	  cattle	  emissions	  is	  not	  known.	  	  Ranchers	  usually	  winter	  their	  herds	  in	  
the	  valleys	  just	  south	  of	  the	  Uinta	  Range.	  	  Human	  population	  density	  might	  prove	  one	  possible,	  though	  
perhaps	  imperfect,	  surrogate	  for	  cattle	  population	  density.	  


Home	  Heating	  (Wood	  Burning	  Stoves)	  	  
Residential	  and	  commercial	  heating	  emissions	  are	  assumed	  to	  be	  dominated	  by	  wood-‐stove	  usage.	  	  Two	  
separate	  approaches,	  agreeing	  to	  within	  24%,	  were	  used	  to	  estimate	  annual	  cordage	  of	  wood	  burned	  
for	  home	  heating.	  	  The	  average	  of	  the	  two	  approaches	  was	  then	  used	  in	  all	  subsequent	  computations.	  


Cordage	  of	  Wood	  Consumed	  in	  Winter	  2011-‐12,	  Approach	  1	  
The	  Vernal	  offices	  of	  the	  US	  Forest	  Service	  and	  the	  BLM	  were	  asked	  to	  supply	  data	  on	  wood	  
permit	  purchases	  (Simons	  and	  Palmer,	  2012).	  	  Many	  uncertainties	  associated	  with	  these	  data	  
have	  compelled	  the	  decision	  to	  use	  two	  separate	  approximations.	  	  These	  uncertainties	  are	  
informed	  by	  the	  understanding	  that,	  


1. Not	  all	  permitted	  wood	  is	  actually	  harvested;	  


2. Not	  all	  harvesters	  buy	  permits;	  


3. Some	  harvesters,	  presumably,	  exceed	  their	  permitted	  limit;	  


4. The	  relatively	  mild	  2011-‐12	  winter	  likely	  resulted	  in	  less	  wood	  used	  than	  was	  harvested;	  


5. BLM	  sells	  both	  residential	  and	  commercial	  permits	  and	  estimates	  that	  much	  of	  the	  
commercial	  wood	  is	  resold	  outside	  the	  Uintah	  Basin	  (e.g.,	  at	  least	  two	  sawmills	  buy	  
wood	  through	  timber	  permits	  and	  resell	  it	  as	  firewood).	  


The	  following	  table	  summarizes	  the	  results	  of	  these	  interviews.	  	  Permits	  sold	  by	  Forest	  Service	  
and	  BLM	  are	  for	  fiscal	  year	  2011.	  	  (The	  Forest	  Service	  also	  sells	  permits	  through	  their	  Dutch	  John	  
office,	  but	  that	  contribution	  is	  being	  omitted	  under	  the	  assumption	  that	  the	  Dutch	  John	  wood	  is	  
burned	  north	  of	  the	  Uinta	  Mountain	  crest	  line.)	  	  	  


Table	  4-‐9.	  	  Wood	  harvested	  during	  FY	  2011.	  


USFS,	  Vernal	  Office	   2612	  cords	  
USFS,	  Roosevelt	  Office	   1345	  cords	  
USFS,	  Duchesne	  Office	   1022	  cords	  
BLM,	  residential	  permits	   309	  cords	  
BLM,	  commercial	  permits	   162	  cords	  


TOTAL	   5500	  cords	  
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Cordage	  of	  Wood	  Consumed	  in	  Winter	  2011-‐12,	  Approach	  2	  
The	  US	  Census	  Bureau	  conducts	  surveys	  to	  determine	  the	  number	  of	  households	  that	  heat	  with	  
the	  following	  three	  fuels:	  	  gas,	  electric,	  and	  fuel	  oil	  (Census	  Bureau,	  2012).	  	  The	  results	  for	  
Uintah	  and	  Duchesne	  counties	  (as	  well	  as	  the	  entire	  State	  of	  Utah,	  included	  for	  comparison)	  
appear	  in	  Table	  4-‐10.	  	  Totals	  do	  not	  add	  up	  to	  100%,	  but	  it	  is	  assumed	  we	  can	  assume	  that	  the	  
remainders,	  7.2%	  and	  11.9%,	  heat	  with	  wood	  or	  propane.	  	  Propane	  is	  a	  clean-‐burning	  fuel	  
whose	  emissions	  will	  be	  neglected	  here.	  	  We	  do	  not	  have	  usage	  estimates	  for	  propane,	  so	  as	  an	  
upper-‐limit	  estimate	  it	  is	  assumed	  that	  the	  7.2%	  or	  11.9%	  can	  be	  attributed	  to	  wood	  burning.	  	  
Population	  figures	  are	  from	  the	  2010	  census	  (Onlineutah,	  2012).	  	  According	  to	  the	  2010	  
Economic	  Report	  to	  the	  Governor,	  the	  statewide	  2008	  household	  size	  is	  3.15	  persons	  (Governor,	  
2010).	  	  This	  ratio	  leads	  to	  the	  estimates	  shown	  of	  numbers	  of	  households	  and	  numbers	  of	  
households	  heating	  with	  wood.	  


Table	  4-‐10.	  	  Estimates	  of	  households	  heating	  with	  wood.	  


Home	  Heating	  Source	   Uintah	  Co.	   Duchesne	  Co.	   State	  of	  Utah	  


• Gas	   77.7%	   71.2%	   88.1%	  


• Electric	   15.0%	   16.1%	   9.8%	  


• Fuel	  oil	   0.1%	   0.8%	   0.3%	  
TOTAL	   92.8%	   88.1%	   98.2%	  


• Remainder	  attributed	  to	  wood	   7.2%	   11.9%	   1.8%	  
	   	   	   	  


Population	   32588	   18607	   	  
Households	   10000	   5900	   	  
Households	  heating	  w/	  wood	   720	   700	   	  


	  


While	  approximately	  1400	  households	  in	  the	  Uintah	  Basin	  are	  estimated	  to	  heat	  with	  wood,	  the	  
number	  of	  cords	  of	  wood	  consumed	  by	  the	  typical	  household	  depends	  on	  the	  size	  of	  house,	  
number	  of	  residents,	  quality	  of	  insulation,	  air	  circulation	  patterns	  in	  the	  house,	  comfort	  level	  of	  
occupants,	  etc.	  	  Based	  on	  an	  informal	  survey,	  the	  amount	  of	  wood	  consumed	  by	  the	  average	  
household	  is	  estimated	  to	  be	  five	  cords/yr,	  which	  extrapolates	  to	  7000	  cords/year	  for	  the	  entire	  
basin	  (five	  cords	  times	  1400	  households).	  


Cordage	  of	  Wood	  Consumed,	  Winter	  2011-‐12,	  Average	  of	  Approaches	  1	  &	  2	  
The	  rounded	  average	  of	  the	  two	  approaches,	  5500	  cords/yr	  and	  7000	  cords/yr,	  is	  set	  at	  6000	  
cords/yr,	  and	  was	  used	  for	  all	  subsequent	  calculations.	  


Tonnage	  of	  Wood	  Consumed,	  Winter	  2011-‐12	  
The	  EPA’s	  AP-‐42	  emissions	  factors	  for	  wood	  stoves	  are	  on	  a	  tonnage	  basis.	  	  Most	  woods	  have	  a	  
specific	  gravity	  of	  around	  0.48	  g/cm3,	  while	  one	  cord	  of	  wood	  is	  128	  ft3	  (USFS,	  2010).	  	  The	  
product	  of	  these	  two	  factors	  is	  1.9	  tons/cord.	  	  That	  figure	  does	  not	  account	  for	  air	  space	  in	  a	  
cord	  of	  split	  wood,	  which	  we	  estimate	  at	  25%,	  so	  the	  conversion	  used	  is	  1.4	  tons/cord,	  yielding	  
8400	  tons/yr	  of	  wood	  consumed.	  
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Emissions	  Estimates	  
Wood	  stoves	  differ	  in	  the	  amount	  of	  emissions	  that	  they	  produce.	  	  The	  EPA	  lists	  AP-‐42	  emissions	  
factors	  for	  conventional	  stoves,	  stoves	  with	  secondary	  burning	  chambers,	  and	  catalytic	  stoves	  
(Wood	  Stoves,	  2012).	  	  Of	  the	  three,	  conventional	  stoves	  produce	  the	  most	  emissions.	  	  Here	  
emissions	  factors	  for	  the	  conventional	  stoves	  are	  used,	  with	  the	  understanding	  that	  the	  result	  
overestimates	  emissions	  to	  the	  extent	  that	  cleaner	  stoves	  are	  actually	  being	  used.	  	  	  


Natural	  Gas	  Consumption	  as	  Surrogate	  for	  Temporal	  Distribution	  
Table	  4-‐11	  gives	  natural	  gas	  usage	  for	  a	  typical	  household	  for	  one	  12-‐month	  period.	  	  
Contributions	  for	  the	  five	  warmest	  months	  (May-‐September)	  are	  assumed	  to	  be	  attributable	  
entirely	  to	  cooking	  and	  average	  to	  2.2	  decatherms.	  	  The	  cooking	  contribution	  is	  then	  deducted	  
from	  each	  month,	  and	  the	  final	  value	  is	  reported	  in	  the	  last	  column	  on	  a	  percentage	  basis.	  


Table	  4-‐11.	  	  Monthly	  natural	  gas	  consumption	  in	  a	  typical	  household.	  


Month	   Usage	  (decatherms)	   Less	  Cooking	  	   Percentage	  


06/11	   2.1	   -‐0.1	   0%	  
07/11	   2.1	   -‐0.1	   0%	  
08/11	   2.2	   0	   0%	  
09/11	   1.8	   -‐0.4	   0%	  
10/11	   3.8	   1.6	   4%	  
11/11	   7.8	   6.6	   13%	  
12/11	   11.8	   9.6	   22%	  
01/12	   13.2	   11.0	   25%	  
02/12	   10.2	   8.0	   18%	  
03/12	   8.1	   5.9	   13%	  
04/12	   4.4	   2.2	   5%	  
05/12	   2.9	   0.7	   0%	  


	  
Given	  this	  basis,	  18%	  of	  the	  annual	  wood	  stove	  emissions	  will	  be	  attributed	  to	  Feb.	  2012.	  	  Table	  
4-‐12	  shows	  completed	  calculations	  for	  wood	  stove	  emissions.	  	  As	  a	  best	  estimate,	  these	  
emissions	  are	  distributed	  according	  to	  population	  distributions	  (Figure	  4-‐6).	  


Table	  4-‐12.	  	  Estimate	  of	  wood	  stove	  emissions	  


Pollutant	  
Emissions	  	  	  	  	  
Factor†	  


Wood	  Stove	  
Emissions*	  


02/12	  Wood	  Stove	  
Emissionsl	  


PM-‐10	   30.6	   130	   23	  
CO	   230.8	   1200	   220	  
NOx	   2.8	   12	   2.2	  
Sox	   0.4	   1.7	   0.31	  
TOC	  (CH4)	   64.0	   270	   49	  
TOC	  (non-‐CH4)	   28.0	   120	   22	  
PAH	   0.730	   3.1	   0.56	  


	  	  	  	   †	  given	  in	  lb/ton,	  *	  in	  ton/year,	  	  l 	  in	  ton/month	  
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Landfills	  
The	  Uintah	  County	  Landfill	  lies	  on	  the	  northeast	  edge	  of	  Ashley	  Valley	  (40.47,	  –109.47)	  and	  covers	  a	  
total	  area	  of	  230	  acres.	  	  Emissions	  factors	  applied	  here	  are	  536	  mg	  methane/m2/day	  for	  summer	  
emissions,	  and	  1290	  mg	  methane/m2/day	  for	  winter	  (Klusman	  and	  Dick,	  2000).	  	  These	  emissions	  factors	  
were	  determined	  for	  a	  landfill	  in	  the	  Denver,	  Colorado,	  area	  and	  were	  selected	  for	  use	  because	  of	  the	  
climatic	  similarities	  to	  the	  Uintah	  Basin.	  	  Emissions	  factors	  for	  summer	  are	  lower	  because	  colder	  
temperatures	  suppress	  methanotrophic	  bacterial	  action	  in	  the	  soil.	  	  Emissions	  for	  February	  2012	  are	  
estimated	  to	  be	  37	  ton/mo.	  


Natural	  Hydrocarbon	  Seeps	  
There	  is	  evidence	  that	  hydrocarbons,	  primarily	  in	  the	  form	  of	  natural	  gas,	  seep	  to	  the	  surface	  from	  
underground	  petroleum	  reservoirs.	  	  This	  seepage	  occurs	  because	  there	  is	  a	  natural	  limit	  to	  the	  carrying	  
capacity	  of	  any	  gas	  reservoir,	  and	  whenever	  the	  pore	  pressure	  of	  the	  reservoir	  exceeds	  this	  limit,	  the	  
reservoir	  leaks.	  	  As	  long	  as	  gas	  generation	  continues,	  and	  as	  long	  as	  the	  pressure	  is	  not	  relieved	  in	  other	  
ways	  (such	  as	  through	  production	  from	  the	  reservoir),	  the	  pressure	  in	  such	  reservoirs	  is	  expected	  to	  
hover	  near	  the	  limit	  and	  all	  new	  gas	  entering	  the	  reservoir	  is	  balanced	  by	  an	  equal	  amount	  of	  leakage.	  	  A	  
conceptual	  model	  for	  the	  process	  is	  presented	  below,	  and	  a	  more	  extensive	  document	  is	  in	  preparation	  
(Mansfield,	  2012).	  	  


Just	  how	  many	  Uintah	  Basin	  gas	  reservoirs	  have	  pressures	  that	  hover	  near	  their	  natural	  limits	  is	  not	  
known,	  and	  actual	  measurements	  of	  these	  emissions	  are	  practically	  non-‐existent.	  	  Emissions	  attributable	  
to	  this	  source,	  consequently,	  are	  very	  difficult	  to	  quantify.	  	  Klusman	  (2003a;	  2003b)	  has	  performed	  flux	  
measurements	  at	  the	  oil	  field	  in	  Rangely,	  Colorado,	  and	  reports	  wintertime	  and	  summertime	  fluxes,	  
respectively,	  of	  25	  and	  4.2	  mg	  methane/m2/day.	  	  Wintertime	  fluxes	  are	  presumably	  larger	  because	  of	  
temperature-‐induced	  suppression	  of	  methanotrophic	  bacterial	  action.	  	  Because	  of	  the	  obvious	  
similarities	  between	  the	  geology,	  terrain,	  and	  climate	  of	  the	  Uintah	  and	  Rangely	  basins,	  the	  Rangely	  
measurements	  provide	  strong	  evidence	  for	  the	  occurrence	  of	  such	  emissions	  in	  the	  Uintah	  Basin,	  
although	  other	  indirect	  evidence	  also	  exists	  (Mansfield,	  2012).	  	  Applying	  Klusman’s	  wintertime	  rate	  to	  
the	  Uintah	  Basin	  and	  assuming	  a	  total	  effective	  area	  of	  700	  to	  1000	  km2	  (roughly	  equivalent	  to	  the	  area	  
of	  intensive	  oil	  and	  gas	  operations)	  lead	  to	  an	  estimate	  of	  500	  to	  800	  tons	  methane/mo	  for	  February	  
2012	  (Table	  4-‐1).	  	  	  


Klusman’s	  sample	  size	  is	  likely	  too	  small	  to	  be	  representative,	  and	  this	  estimate	  could	  easily	  change,	  up	  
or	  down,	  by	  an	  order	  of	  magnitude	  or	  more.	  	  Two	  other	  estimates	  based	  on	  sound	  reasoning,	  but	  which	  
only	  give	  rough	  upper	  and	  lower	  bounds,	  put	  the	  monthly	  emission	  due	  to	  natural	  seepage	  at	  
somewhere	  between	  30	  and	  30,000	  tons	  methane/mo,	  a	  range	  of	  three	  orders	  of	  magnitude	  
(Mansfield,	  2012).	  	  Klusman	  (2003a)	  detected	  light	  hydrocarbons	  along	  with	  methane	  in	  soil	  gas	  but	  did	  
not	  make	  quantitative	  measurements	  of	  NMHC	  emissions	  from	  hydrocarbon	  seepage.	  


Over	  a	  period	  of	  several	  years,	  the	  LeRoy	  Gas	  Storage	  Facility	  is	  known	  to	  have	  leaked	  about	  100	  million	  
cf/yr	  (see	  below).	  	  The	  surface	  footprint	  of	  the	  reservoir	  is	  approximately	  9	  mi2.	  	  Assuming	  that	  the	  
entire	  leakage	  emerges	  at	  the	  surface	  and	  is	  distributed	  uniformly	  over	  these	  9	  mi2	  and	  uniformly	  over	  
an	  entire	  year	  implies	  a	  flux	  of	  about	  230	  mg	  methane/m2/day,	  or	  about	  9	  times	  more	  than	  the	  average	  
wintertime	  flux	  observed	  over	  the	  Rangely	  field.	  	  Both	  the	  LeRoy	  storage	  facility	  and	  the	  Rangely	  oil	  field	  
are	  artificially	  pressurized,	  but	  so	  also	  are	  some	  of	  the	  petroleum-‐bearing	  formations	  of	  the	  Uintah	  
Basin.	  	  The	  significance	  of	  the	  LeRoy	  case	  study	  is	  that	  the	  surface	  flux	  can	  be	  estimated	  accurately	  and	  
is	  found	  to	  lie	  within	  the	  rather	  broad	  bounds	  presented	  above.	  
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Natural	  Hydrocarbon	  Seepage:	  A	  Conceptual	  Model	  
Natural	  gas	  is	  found	  underground	  in	  natural	  traps.	  	  Because	  of	  the	  buoyancy	  of	  the	  gas,	  the	  pore	  
pressure	  in	  the	  gas	  traps	  is	  higher	  than	  in	  surrounding	  formations.	  	  However,	  capillary	  barriers	  prevent	  
the	  gas	  from	  escaping	  until	  the	  buoyancy	  pressure,	  a	  function	  of	  the	  amount	  of	  gas	  in	  the	  trap,	  exceeds	  
the	  capillary	  pressure,	  which	  is	  a	  function	  of	  the	  aperture	  size	  of	  the	  fractures	  through	  which	  the	  gas	  
eventually	  escapes.	  	  In	  other	  words,	  a	  gas	  trap	  has	  a	  limited	  capacity	  and	  leaks	  gas	  whenever	  it	  fills	  
beyond	  this	  limit.	  	  Evidence	  for	  this	  behavior	  is	  two-‐fold.	  	  First,	  a	  very	  common	  pattern	  for	  gas	  traps	  is	  
that	  seepage	  evidence	  is	  observed	  over	  a	  virgin	  reservoir	  and	  stops	  as	  soon	  as	  gas	  is	  produced	  from	  the	  
reservoir.	  	  Seepage	  only	  recurs	  when	  the	  reservoir	  is	  subsequently	  re-‐pressurized	  by	  injection.	  	  Second,	  
the	  Leroy	  gas	  storage	  facility	  in	  Uinta	  County,	  Wyoming,	  has	  been	  reported	  to	  leak,	  with	  total	  annual	  
losses	  of	  about	  100	  million	  cf,	  whenever	  it	  is	  pressurized	  above	  about	  110	  bar	  (Araktingi	  et	  al.,	  1984).	  


Natural	  gas	  is	  formed	  by	  thermal	  cracking	  of	  kerogen,	  the	  organic	  component	  of	  oil	  shale	  and	  liquid	  
petroleum,	  and	  it	  occurs	  when	  the	  source	  rock	  formations	  are	  found	  in	  the	  appropriate	  temperature	  
window.	  	  Furthermore,	  formation	  of	  gas	  is	  ongoing	  in	  the	  source	  rocks	  beneath	  the	  Uintah	  Basin.	  	  If	  
traps	  have	  a	  limited	  capacity,	  and	  if	  they	  are	  already	  filled	  to	  capacity,	  then	  all	  ongoing	  gas	  generation	  
spills	  over.	  	  Such	  traps	  are	  in	  a	  steady-‐state	  condition	  and	  probably	  have	  been	  for	  a	  very	  long	  time.	  	  As	  
already	  mentioned,	  modern-‐day	  production	  (removing	  fluid	  from	  traps)	  and	  injection	  (adding	  fluids)	  
disturbs	  the	  steady	  state.	  


There	  are	  two	  separate	  processes	  by	  which	  gas	  escapes	  from	  a	  trap.	  	  One	  process	  involves	  “gas-‐phase	  
invasion,”	  as	  an	  intact	  gas	  phase	  invades	  the	  water	  column.	  	  Gas-‐phase	  invasion	  is	  opposed	  by	  the	  
capillary	  barrier	  mentioned	  above.	  	  (While	  the	  details	  have	  been	  disputed—e.g.,	  many	  sub-‐micron	  
spherical	  bubbles	  vs.	  a	  single	  gas-‐phase	  plug	  conforming	  to	  the	  shape	  of	  the	  fracture—there	  is,	  
nevertheless,	  no	  disputing	  the	  fact	  that	  the	  trap	  will	  leak	  whenever	  internal	  pressure	  overcomes	  the	  
capillary	  barrier.)	  	  The	  second	  process	  involves	  “gas	  solvation.”	  	  Under	  the	  assumption	  that	  water	  
circulates	  in	  the	  water	  column	  above	  the	  trap,	  then	  natural	  gas	  dissolves	  into	  the	  water	  at	  a	  high	  partial	  
pressure	  at	  the	  gas-‐water	  interface	  and	  leaves	  solution	  at	  the	  low	  partial	  pressure	  at	  the	  water	  table.	  	  
Even	  in	  the	  absence	  of	  water	  circulation,	  dissolved	  natural	  gas	  will	  move	  diffusively	  through	  the	  water	  
column.	  	  In	  this	  diffusion	  limit,	  the	  known	  diffusivity	  of	  methane	  in	  water	  indicates	  that	  evaporation	  of	  
the	  trap	  occurs	  over	  a	  time	  scale	  of	  mega-‐years.	  	  With	  circulation	  of	  the	  water	  column,	  the	  evaporation	  
rate	  is	  determined	  by	  the	  rate	  of	  circulation.	  


For	  traps	  at	  or	  above	  the	  capillary	  barrier,	  and	  that	  are	  constantly	  being	  replenished,	  the	  primary	  
mechanism	  of	  gas	  loss	  is	  gas-‐phase	  invasion,	  and	  the	  rate	  of	  loss	  equals	  the	  rate	  of	  replenishment.	  	  Gas	  
loss	  by	  solvation	  is	  much	  slower	  than	  gas-‐phase	  invasion	  and	  only	  dominates	  at	  pressures	  below	  the	  
capillary	  threshold.	  	  Unless	  a	  trap	  is	  being	  actively	  replenished	  by	  the	  formation	  of	  new	  gas,	  it	  will	  de-‐gas	  
over	  a	  time	  scale	  of	  mega-‐years.	  


Natural	  gas	  in	  the	  soil,	  and	  presumably	  also	  dissolved	  in	  the	  water	  column,	  is	  subject	  to	  bacterial	  
degradation	  (i.e.,	  methanotrophy);	  therefore,	  some	  unknown	  fraction	  of	  hydrocarbons	  is	  degraded	  to	  
CO2	  prior	  to	  venting	  to	  the	  atmosphere.	  


Seepage	  is	  detected	  at	  the	  surface	  in	  a	  number	  of	  ways,	  many	  of	  which	  are	  only	  indirect.	  	  Indirect	  
measurements	  include	  modifications	  of	  soil	  chemistry	  and	  of	  biochemical	  processes	  in	  vegetation.	  	  
Another	  is	  presence	  of	  methanotrophic	  bacteria	  in	  the	  soil.	  	  Direct	  techniques	  include	  soil	  gas	  and	  flux	  
measurements.	  	  Only	  the	  latter,	  however,	  gives	  a	  direct	  indication	  of	  atmospheric	  emissions.	  
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ONGOING	  AND	  FUTURE	  WORK	  
Emissions	  inventories	  are	  like	  road	  repair	  –	  the	  job	  is	  never	  finished.	  	  The	  current	  inventory	  is	  regarded	  
as	  a	  living,	  evolving	  product.	  	  Improved	  estimates	  and	  more	  complete	  surveys	  will	  permit	  us	  to	  refine	  
the	  inventory	  over	  time.	  	  Furthermore,	  economic	  growth	  from	  year	  to	  year	  implies	  that	  emissions	  are	  
never	  static.	  	  	  


Updated	  Projections	  	  	  
The	  2012	  WRAP	  inventory	  [Bar-‐Ilan	  et	  al.,	  2009]	  projects	  across	  six	  years,	  five	  of	  which	  have	  now	  passed.	  	  
Actual	  production	  data	  is	  available	  to	  replace	  projected	  data,	  and	  these	  will	  be	  applied	  to	  the	  estimates	  
shown	  in	  Table	  4-‐1.	  


Evaporation	  Ponds	  and	  Land	  Farms	  
As	  mentioned	  above,	  emissions	  from	  evaporation	  ponds	  and	  land	  farms	  are	  poorly	  characterized.	  	  USU	  
personnel	  are	  engaged	  in	  measuring	  pond	  emissions	  and	  plan	  to	  collect	  data	  under	  a	  number	  of	  
seasonal	  and	  climatic	  conditions.	  	  It	  is	  currently	  estimated	  that	  winter	  pond	  and	  land	  farm	  emissions	  are	  
small,	  so	  measurements	  will	  be	  performed	  in	  winter	  to	  quantify	  pond	  emissions	  and	  add	  estimates	  to	  
Table	  4-‐1	  accordingly.	  	  Decommissioned	  ponds	  and	  land	  farms	  also	  should	  be	  studied,	  as	  these	  likely	  
emit	  VOC	  over	  the	  course	  of	  at	  least	  a	  few	  years	  as	  the	  buried	  heavy	  hydrocarbons	  degrade.	  	  


Emissions	  from	  Rio	  Blanco	  County,	  Colorado	  
Based	  on	  ozone-‐altitude	  correlations	  from	  the	  winter	  of	  2011,	  it	  was	  believed	  that	  emissions	  occurring	  
above	  about	  6000	  ft	  do	  not	  become	  entrapped	  in	  the	  stagnant	  air	  layer	  and,	  therefore,	  probably	  do	  not	  
contribute	  significantly	  to	  Uintah	  Basin	  ozone.	  	  The	  Rangely	  oil	  field	  in	  Rio	  Blanco	  County,	  Colorado,	  lies	  
at	  an	  elevation	  of	  about	  5300	  ft	  (similar	  to	  the	  town	  of	  Vernal),	  and	  is	  separated	  from	  the	  Uintah	  Basin	  
proper	  by	  a	  ridge	  of	  about	  6000	  ft.	  	  Yet,	  while	  initial	  estimates	  implied	  the	  barrier’s	  efficacy,	  ozone	  
measurements	  in	  Rangely	  and	  modeling	  of	  the	  spatial	  extent	  of	  the	  wintertime	  inversions	  will	  determine	  
whether	  Rio	  Blanco	  County	  needs	  to	  be	  included	  in	  the	  next	  phase	  of	  the	  emissions	  inventory.	  


Modeling	  Studies	  
The	  winter	  ozone	  studies	  will	  not	  be	  entirely	  complete	  until	  a	  detailed	  photochemical	  grid	  model	  (e.g.,	  
CAMx	  or	  CMAQ)	  is	  developed	  and	  verified	  to	  successfully	  link	  the	  predictions	  of	  the	  emissions	  inventory	  
with	  the	  measurements	  of	  atmospheric	  concentrations.	  	  These	  photochemical	  grid	  models	  will	  be	  based	  
on	  accurate,	  high-‐resolution	  WRF	  models	  of	  the	  terrain	  and	  meteorology,	  to	  which	  Basin	  emissions	  data	  
will	  be	  added	  and	  on	  which	  sensitivity	  and	  source	  apportionment	  studies	  will	  be	  performed	  and	  verified.	  


	  


SUMMARY,	  CONCLUSIONS,	  RECOMMENDATIONS	  
	  Our	  current	  emissions	  estimates	  for	  the	  Uintah	  Basin	  for	  February	  2012	  are	  summarized	  in	  Table	  4-‐1.	  	  It	  
should	  be	  remembered,	  however,	  that	  these	  are	  only	  estimates,	  and	  readers	  are	  encouraged	  to	  
examine	  the	  assumptions	  and	  approximations	  described	  in	  the	  body	  of	  the	  text.	  	  The	  current	  WRAP-‐III	  
series	  of	  estimates	  are	  all	  based	  on	  a	  survey	  reporting	  activities	  from	  2006,	  six	  years	  ago.	  	  The	  response	  
rate	  from	  that	  survey	  was	  reported	  to	  be	  71%	  of	  well	  ownership,	  82%	  of	  gas	  production,	  and	  78%	  of	  oil	  
production	  (Friesen,	  et	  al,	  2009).	  	  The	  WRAP-‐III	  2012	  projection	  (Bar-‐Ilan	  et	  al.,	  2009)	  is	  based	  ultimately	  
on	  the	  same	  survey.	  	  As	  mentioned	  above,	  a	  survey	  covering	  only	  drilling	  and	  fracking	  operations	  was	  
conducted	  as	  part	  of	  the	  current	  study,	  but	  at	  this	  writing,	  the	  response	  rate	  is	  about	  72%	  of	  well	  
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completions.	  	  A	  completely	  new	  survey	  covering	  all	  aspects	  of	  the	  oil	  and	  gas	  industry,	  with	  focus	  on	  
winter	  activities,	  would	  prove	  extremely	  useful.	  	  	  


A	  new	  and	  updated	  inventory	  and	  survey	  will	  allow	  for	  the	  development	  of	  mitigation	  strategies	  for	  
winter	  ozone	  that	  are	  more	  accurate,	  equitable,	  and	  efficient	  than	  is	  possible	  with	  current	  knowledge.	  	  
Extensive	  industry	  involvement	  and	  cooperation	  will	  be	  an	  essential	  part	  of	  this	  process.	  
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CHAPTER	  V	  (PART	  A)	  


SOURCE	  CHARACTERIZATION,	  ATTRIBUTION,	  AND	  OZONE	  DISTRIBUTION	  IN	  THE	  
UINTAH	  BASIN	  USING	  THE	  NOAA	  MOBILE	  LABORATORY	  	  
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OBJECTIVE	  
The	  goal	  of	  the	  NOx	  and	  VOC	  Mobile	  Lab	  surveys	  in	  the	  Uintah	  Basin	  was	  to	  characterize	  important	  
source	  processes	  for	  ozone	  precursors	  and	  to	  document	  the	  chemical	  composition	  and	  patterns	  of	  the	  
emissions	  in	  space	  and	  time.	  The	  Multi-‐Species	  Mobile	  Lab	  was	  deployed	  for	  three	  weeks	  in	  February	  
2012.	  There	  were	  no	  temperature	  inversions	  with	  high	  ozone	  pollution	  during	  the	  2011-‐12	  winter;	  
therefore,	  we	  were	  not	  able	  to	  document	  the	  air	  composition	  during	  such	  events.	  The	  Mobile	  Lab	  
sampled	  NOx,	  VOCs,	  CH4	  ,	  CO2	  and	  CO	  plumes	  from	  	  various	  sources	  (well	  pads,	  compressor	  stations,	  
processing	  plants,	  evaporation	  ponds,	  flowback	  pond,	  pipeline	  leaks)	  and	  mapped	  the	  ambient	  levels	  of	  
NO,	  NO2,	  O3,	  CO,	  CO2	  and	  CH4.	  


	  


INSTRUMENTATION	  
The	  Multi-‐Species	  Mobile	  Lab	  (ML)	  is	  a	  NOAA	  Earth	  System	  Research	  Laboratory	  unit	  built	  to	  deploy	  in-‐
situ	  trace	  gas	  analysis,	  GPS	  and	  meteorological	  instrumentation	  as	  well	  as	  a	  discrete	  air	  sampling	  system	  
in	  the	  field,	  close	  to	  known	  sources	  of	  air	  pollutants	  and/or	  greenhouse	  gases.	  	  


The	  ML	  is	  a	  retrofitted	  van	  with	  a	  custom-‐built	  power	  system	  and	  air	  sampling	  module.	  	  The	  
instrumentation	  can	  draw	  its	  power	  from	  the	  engine	  or	  from	  a	  set	  of	  batteries,	  allowing	  the	  unit	  to	  
collect	  measurements	  for	  8-‐10	  hours	  when	  the	  engine	  is	  turned	  off.	  	  
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Figure	  5A-‐1.	  	  NOAA	  Multi-‐Species	  Mobile	  Lab	  near	  a	  compressor	  station	  in	  the	  Uintah	  Basin.	  


	  


In-‐Situ	  Analyzers	  
The	  in-‐situ	  measurements	  are	  displayed	  on	  a	  screen	  in	  real-‐time	  to	  inform	  the	  operators	  about	  changes	  
in	  the	  ambient	  levels	  of	  the	  trace	  gases	  mixing	  ratios	  and	  to	  detect	  plumes	  of	  point	  sources	  for	  targeted	  
discrete	  flask	  sample	  collection.	  	  The	  in-‐situ	  fast	  response	  instruments	  on-‐board	  the	  ML	  include:	  


• two	  2B	  O3	  commercial	  instruments	  at	  1	  second	  frequency	  	  
• a	  NOx	  diode	  laser	  cavity	  ring	  down	  instrument	  (NOxCaRD,	  NOAA	  Chemical	  Sciences	  Division):	  


NO,	  NO2	  at	  1	  second	  frequency	  	  
• a	  four	  species	  cavity	  ring	  down	  instrument	  (Picarro):	  CO2,	  CH4,	  H2O	  vapor,	  CO	  (all	  at	  2.5	  second	  


frequency)	  
• T,	  wind	  speed	  and	  direction,	  RH	  met	  box	  (10	  sec	  frequency)	  
• GPS	  units	  for	  plotting	  positions	  of	  ML	  and	  the	  discrete	  air	  sampler,	  1	  second	  frequency	  


	  


Figure	  5A-‐2.	  	  In-‐situ	  analyzers	  installed	  in	  the	  Mobile	  Lab,	  November	  2011.	  	  A	  similar	  configuration	  was	  
used	  in	  February	  2012.	  
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Table	  5A-‐1.	  In-‐situ	  measurements	  onboard	  the	  Mobile	  Lab	  


	  


The	  2-‐B	  ozone	  instruments	  were	  calibrated	  by	  the	  NOAA	  Global	  Monitoring	  Division	  (GMD)	  Ozone	  group	  
in	  the	  Boulder	  lab	  and	  in	  the	  ML	  prior	  to	  each	  field	  campaign.	  The	  inlet	  module	  was	  conditioned	  prior	  to	  
deployment	  with	  high	  ozone	  levels	  (500	  ppb)	  for	  3	  hours	  to	  prevent	  ozone	  losses	  on	  surfaces	  during	  the	  
campaign.	  	  


The	  air	  going	  to	  the	  Picarro	  analyzer	  is	  not	  dried.	  We	  apply	  a	  water	  correction	  to	  the	  CH4,	  CO2	  and	  CO	  
data	  based	  on	  the	  H2O	  mixing	  ratio	  measured	  by	  the	  instrument	  and	  water	  tests	  performed	  on	  the	  
Picarro	  unit	  in	  the	  NOAA	  GMD	  Boulder	  lab.	  The	  Picarro	  measurements	  are	  calibrated	  before	  and	  after	  
each	  drive	  with	  a	  cylinder	  of	  reference	  gas	  prepared	  in	  the	  NOAA/WMO	  GHG	  calibration	  lab	  in	  Boulder.	  
The	  instrument	  was	  also	  calibrated	  in	  the	  field.	  A	  null	  test	  was	  done	  while	  driving	  with	  standard	  gas	  
running	  through	  the	  instrument	  to	  determine	  if	  motion	  or	  other	  environmental	  factors	  impacted	  the	  
noise	  and	  drift	  of	  the	  instrument.	  Past	  experiments	  with	  this	  same	  instrument	  in	  aircraft	  have	  indicated	  
that	  motion	  and	  environmental	  factors	  were	  not	  a	  concern.	  


The	  NO2	  and	  NO	  instrument	  is	  based	  on	  measurement	  of	  total	  gas-‐phase	  optical	  extinction	  at	  405	  nm,	  
which	  in	  most	  environments	  is	  specific	  to	  NO2	  [Fuchs	  et	  al.,	  2009].	  	  The	  instrument	  has	  a	  second	  channel	  
in	  which	  excess	  ozone	  is	  added	  to	  quantitatively	  convert	  NO	  to	  NO2	  for	  a	  measurement	  of	  total	  NOx.	  	  
The	  concentration	  of	  NO	  is	  then	  determined	  by	  difference.	  	  For	  operation	  during	  the	  winter	  study,	  the	  
instrument	  was	  configured	  to	  measure	  either	  total	  NOx	  or	  total	  Ox	  (=	  O3	  +	  NO2).	  	  The	  Ox	  measurement	  is	  
analogous	  to	  that	  of	  NOx,	  except	  that	  excess	  NO	  is	  added	  to	  the	  second	  channel	  for	  quantitative	  
conversion	  of	  O3	  to	  NO2.	  	  The	  O3	  concentration	  is	  then	  determined	  by	  difference	  [Washenfelder,	  2011].	  	  
The	  instrument	  measured	  either	  NO2	  and	  NOx,	  or	  NO2	  and	  Ox	  for	  any	  given	  drive,	  but	  it	  did	  not	  measure	  
all	  three	  species	  simultaneously.	  	  The	  calibration	  was	  based	  on	  the	  absorption	  cross	  section	  of	  NO2,	  
which	  should	  not	  vary	  with	  sampling	  conditions.	  	  Calibrations	  were	  performed	  once	  per	  drive	  using	  a	  
commercial	  O3	  monitor	  to	  generate	  and	  measure	  a	  known	  O3	  concentration,	  which	  is	  quantitatively	  
converted	  to	  NO2	  as	  described	  above	  and	  added	  to	  the	  instrument.	  	  The	  NO2	  precision	  is	  22	  pptv	  (2σ,	  1	  
s),	  with	  an	  accuracy	  of	  ±3%.	  	  The	  precision	  is	  similar	  for	  NOx	  and	  Ox,	  but	  is	  somewhat	  worse	  for	  the	  
individual	  species	  determined	  by	  difference	  (NO,	  O3	  	  <50	  pptv,	  1s).	  	  Accuracy	  for	  NO	  is	  ±5%,	  while	  
accuracy	  for	  O3	  is	  ±3%.asdfasdf.	  
	  


Discrete	  Air	  Sampling	  
The	  discrete	  air	  sampling	  module	  (Figures	  5A-‐3	  and	  5A-‐4)	  is	  a	  NOAA	  GMD	  custom	  built	  system	  which	  
includes	  a	  12	  flask	  package,	  a	  compressor	  package,	  a	  temperature	  and	  humidity	  probe,	  a	  GPS	  unit	  and	  a	  
pilot	  display	  to	  allow	  the	  operator	  to	  choose	  when	  to	  collect	  an	  air	  sample.	  Flask	  sample	  collection	  


Analysis	  System	   Species	   Output	  Frequency	   Total	  uncertainty	   Reference	  
2B	  UV	  absorption	   O3	   10	  s	   1	  ppb	  or	  2%	   	  
NOxCaRD	  	   NO	   1	  s	  


See	  text	  below	  
Fuchs	  et	  al.	  [2009]	  


NO2	   1	  s	  
O3	   1	  s	  	  


Picarro	  WS-‐CRDS	  
	  


CO2	   2.5	  s	   0.1	  ppm	  on	  1sec	   Sweeney	  et	  al.	  [in	  prep]	  
CH4	   2.5	  s	   2	  ppb	  on	  1	  sec	  
CO	   2.5	  s	   2	  ppb	  on	  30	  sec	  
H2O	   2.5	  s	   10	  ppm	  on	  30	  sec	  







CRD/13-‐320.32	   2012	  Uintah	  Basin	  Winter	  Ozone	  &	  Air	  Quality	  Study	   200	  	  


typically	  takes	  10	  to	  20	  seconds	  after	  1.5	  to	  2	  min	  of	  flushing	  time.	  The	  discrete	  air	  samples	  are	  analyzed	  
for	  over	  60	  species	  in	  the	  NOAA	  GMD	  and	  University	  of	  Colorado	  (INSTAAR)	  laboratories	  in	  Boulder,	  CO.	  	  


	  
Figure	  5A-‐3.	  	  NOAA	  discrete	  air	  sampling	  system.	  While	  this	  system	  was	  initially	  designed	  specifically	  for	  
use	  on	  small	  aircraft,	  it	  is	  now	  also	  being	  used	  at	  unattended	  tall	  towers,	  surface	  sites,	  and	  in	  the	  NOAA	  
and	  DOE	  Mobile	  Labs.	  
	  


	  
Figure	  5A-‐4.	  	  NOAA	  discrete	  air	  sampling	  system	  close-‐up.	  On	  the	  left	  is	  the	  Programmable	  Flask	  
Package	  (also	  called	  12-‐pack	  or	  PFP),	  which	  contains	  12	  glass	  flasks	  (0.7L	  each).	  On	  the	  right	  is	  the	  
Programmable	  Compressor	  Package	  (PCP),	  which	  contains	  pumps	  for	  flushing	  the	  manifold	  and	  flask	  
prior	  to	  pressurizing	  the	  flask	  to	  approximately	  40	  psia.	  
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First,	  the	  discrete	  air	  samples	  collected	  in	  the	  Uintah	  Basin	  in	  November	  2011	  and	  February	  2012	  went	  
to	  the	  Carbon	  Cycle	  and	  Greenhouse	  Gas	  (CCGG)	  measurement	  group	  at	  NOAA	  GMD	  to	  be	  analyzed	  for	  
six	   compounds:	  CO2,	  CH4,	  N2O,	  CO,	  H2	  and	  SF6.	  NOAA	  CCGG	   is	   the	  World	  Meteorological	  Organization	  
Central	  Calibration	  Laboratory	  for	  CO2,	  CH4	  and	  CO,	  and	  is	  responsible	  for	  maintaining	  and	  distributing	  
the	  WMO	  Mole	  Fraction	  scale	  for	  these	  gases.	  	  


	  
Figure	  5A-‐5.	  	  NOAA	  MAGICC	  flask	  analysis	  system.	  Every	  year,	  the	  MAGICC	  lab	  analyses	  over	  20,000	  air	  samples	  
collected	  by	  scientists	  and	  volunteers	  at	  a	  global	  network	  of	  surface	  sites	  and	  a	  North	  American	  network	  of	  tall	  
towers,	  aircraft	  vertical	  profile	  and	  intensive	  study	  sites	  (http://www.esrl.noaa.gov/gmd/dv/iadv/).	  
	  


Table	  5A-‐2.	  	  Components	  of	  the	  NOAA	  MAGICC	  analysis	  system	  and	  specs	  for	  the	  six	  species	  measured.	  


Analysis	  System	   Species	   Instrument	   Repeatability	  
1σ	  


Reference	  


MAGICC	  
	  
NOAA	  Carbon	  
Cycle	  and	  
Greenhouse	  
Gases	  group	  


N2O	  
SF6	  


GC/ECD	   0.4	  ppb	  
0.03	  ppt	  


[Dlugokencky	  et	  al.,	  in	  
preparation,	  2011]	  


H2	   GC/HePPD	   0.4	  ppb	   [Novelli	  et	  al.,	  2009]	  
CO	   Resonance	  fluorescence	   1	  ppb	   [Novelli	  et	  al.,	  1998]	  
CH4	   GC/FID	   1.2	  ppb	   [Dlugokencky	  et	  al.,	  1994]	  
CO2	   NDIR	  analyzer	   0.03	  ppm	   [Conway	  et	  al.,	  1994]	  


	  


Every	  year,	  over	  20,000	  air	  samples	  from	  around	  the	  world	  are	  analyzed	  on	  the	  NOAA	  GMD	  MAGICC	  
system.	  The	  Cooperative	  Global	  Air	  Sampling	  Network	  (see	  North	  American	  sampling	  sites	  in	  Figure	  5A-‐
6)	  has	  been	  gathering	  information	  on	  the	  background	  levels	  of	  CO2	  since	  1967	  and	  CH4	  since	  1983.	  The	  
analysis	  of	  a	  small	  number	  of	  Volatile	  Organic	  Compounds	  (ethane,	  propane,	  i-‐butane,	  n-‐butane,	  n-‐
pentane,	  n-‐hexane)	  in	  a	  number	  of	  the	  air	  samples	  coming	  from	  remote	  sites	  started	  in	  2005	  and	  is	  
performed	  by	  Detlev	  Helmig’s	  group	  at	  the	  University	  of	  Colorado	  Institute	  for	  Arctic	  and	  Alpine	  
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Research	  (INSTAAR).	  	  The	  surface	  network	  provides	  valuable	  information	  on	  the	  background	  levels	  of	  
several	  of	  the	  trace	  gases	  of	  interest	  for	  the	  Uintah	  Basin	  study.	  


	  
Figure	  5A-‐6.	  	  Cooperative	  Air	  Sampling	  Programs	  in	  North	  America.	  Note	  the	  different	  symbols	  use	  for	  
the	  surface	  (red),	  tall	  tower	  (green),	  and	  aircraft	  (dark	  blue)	  networks.	  
	  
Methane	  is	  long-‐lived	  greenhouse	  gas	  (GHG).	  With	  a	  global	  lifetime	  of	  approximately	  9	  years,	  it	  is	  the	  
second	  most	  important	  anthropogenic	  GHG	  in	  terms	  of	  radiative	  forcing.	  The	  background	  level	  of	  CH4	  at	  
40oN	  latitude	  is	  around	  1.85	  to	  1.86	  ppm	  in	  the	  wintertime.	  The	  MAGICC	  methane,	  CH4,	  analysis	  of	  the	  
discrete	  air	  samples	  collected	  in	  the	  field	  provides	  a	  first	  indication	  on	  whether	  a	  particular	  sample	  has	  
been	  influenced	  by	  local	  or	  regional	  CH4	  sources	  such	  as	  leaks	  from	  oil	  and	  gas	  operations	  or	  a	  landfill,	  
for	  example.	  	  


Next,	  the	  Uintah	  Basin	  discrete	  air	  samples	  were	  analyzed	  on	  a	  GC/MS	  by	  the	  NOAA	  GMD	  Halocarbons	  
and	  other	  Atmospheric	  Trace	  Species	  (HATS)	  group.	  The	  38	  species	  measured	  on	  this	  system	  are	  listed	  in	  
Table	  5A-‐3	  below.	  The	  uncertainty	  on	  the	  measurements	  for	  VOC	  mixing	  ratios	  going	  from	  a	  few	  ppt	  to	  a	  
few	  hundreds	  of	  ppb	  is	  around	  2	  to	  5%.	  Depending	  on	  the	  expected	  levels	  of	  contamination,	  a	  standard	  
gas	  is	  run	  on	  the	  system	  after	  every	  “unknown”	  air	  sample	  or	  after	  a	  set	  of	  four	  “unknown”	  air	  samples	  
to	  track	  potential	  changes	  in	  the	  detector	  sensitivity.	  	  


To	  access	  the	  storage	  stability	  of	  the	  VOCs	  of	  interest	  in	  the	  discrete	  flasks,	  we	  have	  conducted	  storage	  
tests	  of	  typically	  30	  days	  duration,	  which	  is	  greater	  than	  the	  actual	  storage	  time	  of	  the	  samples	  used	  in	  
this	  study	  (typically	  <	  7days).	  	  Results	  for	  C2H2	  and	  C3H8	  show	  no	  statistically	  significant	  enhancement	  or	  
degradation	  with	  respect	  to	  our	  "control"	  (the	  original	  test	  gas	  tank	  results)	  within	  our	  analytical	  
uncertainty.	  	  For	  the	  remaining	  species,	  enhancements	  or	  losses	  average	  less	  than	  3%	  for	  the	  30	  day	  
tests.	  
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Table	  5A-‐3.	  	  Species	  analyzed	  on	  the	  NOAA	  HATS	  GC/MS.	  The	  species	  highlighted	  in	  red	  are	  the	  ones	  
most	  likely	  to	  be	  elevated	  in	  an	  oil	  and	  gas-‐producing	  basin.	  


acetylene	  	   CFC-‐12	   bromoform	   HCFC-‐22	   HFC-‐365mfc	  
propane	   CFC-‐13	   chloroform	   HFC-‐227ea	   n-‐butane	  
benzene	   dibromomethane	   carbon	  disulfide	   HFC-‐125	   i-‐pentane	  
carbon	  tetrachloride	   dichloromethane	   Halon-‐1211	   HFC-‐134a	   n-‐pentane	  
CFC-‐113	   methyl	  bromide	   Halon-‐1301	   HFC-‐143a	   carbonyl	  sulfide	  
CFC-‐114	   methyl	  chloroform	   Halon-‐2402	   HFC-‐152a	   perfluoropropane	  
CFC-‐115	   methyl	  chloride	   HCFC-‐141b	   HFC-‐23	   	  
CFC-‐11	   methyl	  iodide	   HCFC-‐142b	   HFC-‐32	   	  
	  


Finally,	  the	  discrete	  air	  samples	  were	  analyzed	  on	  a	  GC/	  FID	  by	  Detlev	  Helmig’s	  group	  at	  the	  University	  
of	  Colorado	  INSTAAR	  to	  measure	  a	  longer	  suite	  of	  VOCs.	  Table	  5A-‐4	  lists	  targeted	  species.	  	  We	  will	  only	  
report	  mixing	  ratios	  for	  those	  species	  that	  can	  be	  well	  identified	  and	  quantified	  by	  the	  INSTAAR	  VOC	  
system.	  Work	  is	  undergoing	  on	  samples	  collected	  in	  November	  2011	  in	  the	  Uintah	  Basin,	  and	  results	  
from	  the	  analysis	  will	  inform	  the	  sampling	  strategy	  and	  analysis	  for	  the	  wintertime	  campaign.	  


Table	  5A-‐4.	  	  Targeted	  species.	  


Acetylene 1-Pentene n-Hexane 2,3,4-Trimethylpentane n-Propylbenzene 
Ethylene n-Pentane Methylcyclopentane Toluene 1,2,4-Trimethylbenzene 
Ethane Isoprene 2,4-Dimethylpentane 2-Methylheptane 1,3,5-Trimethylbenzene 
Propylene trans-2-Pentene Benzene 3-Methylheptane o-Ethyltoluene 
Propane cis-2-Pentene Cyclohexane n-Octane m-Ethyltoluene 
Isobutane 2,2-Dimethylbutane 2-Methylhexane Ethylbenzene p-Ethyltoluene 
1-Butene Cyclopentane 2,3-Dimethylpentane m/p-Xylene m-Diethylbenzene 
n-Butane 2,3-Dimethylbutane 3-Methylhexane Styrene p-Diethylbenzene 
trans-2-Butene 2-Methylpentane 2,2,4-Trimethylpentane o-Xylene 1,2,3-Trimethylbenzene 
cis-2-Butene 3-Methylpentane n-Heptane n-Nonane n-Decane 
Isopentane 2-Methyl-1-Pentene Methylcyclohexane Isopropylbenzene n-Undecane 
	  


	  


SAMPLING	  STRATEGIES	  


Ambient	  Levels	  Mapping	  
The	  NOAA	  Mobile	  Lab	  was	  deployed	  in	  the	  Uintah	  Basin	  for	  4	  days	  in	  November	  2011	  and	  over	  3	  weeks	  
in	  February	  2012.	  The	  van	  was	  ready	  to	  be	  deployed	  by	  January	  15,	  2012;	  however,	  the	  lack	  of	  snow	  in	  
the	  Basin	  in	  January	  led	  to	  the	  later	  start.	  The	  van	  was	  operated	  for	  several	  hours	  on	  different	  days,	  
mostly	  during	  day	  light	  hours	  to	  help	  with	  the	  source	  attribution	  of	  observed	  plumes.	  Since	  there	  was	  no	  
high	  surface	  O3	  event	  during	  the	  campaign,	  the	  Mobile	  Lab	  team	  decided	  to	  focus	  more	  on	  identifying	  
important	  point	  sources	  of	  O3	  precursors	  and	  in	  collecting	  air	  samples	  in	  plumes	  to	  identify	  the	  mix	  of	  
VOCs	  present.	  	  


Point	  Source	  Characterization	  
The	  fast	  response	  analyses	  and	  visualization	  for	  O3,	  NO,	  NO2,	  CO,	  and	  CH4	  in	  the	  Mobile	  Lab	  guided	  the	  
collection	  of	  discrete	  air	  samples.	  Flasks	  were	  filled	  in	  well-‐identified	  point	  sources	  plumes	  as	  well	  as	  
when	  interesting	  gradients	  were	  recorded	  by	  the	  fast	  response	  instruments.	  Special	  efforts	  were	  made	  
to	  also	  collect	  air	  samples	  to	  characterize	  the	  regional	  and	  local	  background	  air	  compositions.	  
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Occasionally,	  the	  Mobile	  Lab	  was	  parked	  with	  the	  engine	  turned	  off	  downwind	  of	  some	  point	  sources	  to	  
collect	  a	  representative	  set	  of	  measurements.	  	  


	  


ANALYSIS	  CHALLENGES	  
The	  in-‐situ	  analytical	  instruments	  encountered	  some	  challenges	  during	  the	  February	  campaign	  in	  the	  
Uintah	  Basin,	  specifically	  localized	  interferences	  (downwind	  of	  produced	  water	  ponds	  for	  the	  Picarro	  CO	  
measurement,	  downwind	  of	  a	  flowback	  site	  for	  the	  2B	  O3	  measurement)	  or	  saturation	  (downwind	  of	  
new	  well	  pad	  and	  downwind	  of	  a	  flowback	  site	  for	  the	  Picarro	  CH4	  measurement).	  	  These	  will	  be	  covered	  
in	  more	  details	  in	  instrumentation	  manuscripts.	  


The	  flask	  analysis	  on	  the	  GC/MS,	  and	  to	  a	  lesser	  extent	  on	  the	  GC/FID,	  was	  also	  challenged	  when	  air	  
samples	  had	  VOC	  levels	  beyond	  the	  linear	  range	  of	  the	  instrument.	  Here	  we	  only	  present	  flask	  data	  for	  
which	  the	  analysis	  did	  not	  encounter	  any	  of	  these	  problems.	  


	  


AREA	  OF	  STUDY	  
The	  Uintah	  Basin	  experienced	  very	  high	  O3	  events	  in	  past	  winters	  (2009/2010	  and	  2010/2011)	  during	  
cold	  temperature	  inversions.	  Vernal	  in	  the	  northern	  part	  of	  the	  Basin	  is	  the	  largest	  town	  (~	  9,000	  
inhabitants)	  in	  the	  region.	  Utah	  State	  University	  hosted	  the	  Mobile	  Lab	  at	  the	  Bingham	  Research	  Center	  
in	  Vernal	  during	  the	  two	  campaigns	  in	  November	  2011	  and	  February	  2012.	  


The	  main	  economical	  activities	  in	  the	  region	  are	  natural	  resources	  extraction,	  including	  oil	  and	  natural	  
gas	  in	  Duchesne	  County	  and	  Uintah	  County,	  as	  well	  as	  phosphate	  and	  gilsonite.	  Put	  together,	  both	  
Counties	  have	  close	  to	  5000	  gas	  wells	  and	  3300	  oil	  wells.	  In	  2011,	  the	  Uintah	  Basin	  represented	  close	  to	  
80%	  of	  Utah’s	  gas	  production	  and	  87.4%	  of	  the	  oil	  production.	  	  


Co-‐located	  with	  the	  well	  pads	  where	  oil	  and	  gas	  extraction	  occurs	  are	  a	  fair	  amount	  of	  centralized	  
compressing	  and/or	  processing	  facilities.	  The	  midstream	  network	  of	  pipelines,	  which	  transports	  the	  
natural	  gas	  from	  the	  well	  pads	  to	  processing	  facilities,	  is	  mostly	  located	  above	  ground	  in	  the	  Uintah	  
Basin.	  Most	  pipelines	  have	  some	  kind	  of	  insulation	  around	  them.	  However,	  to	  help	  prevent	  hydrates	  
formation,	  methanol	  is	  commonly	  injected	  in	  the	  oil	  and	  gas	  field	  at	  wellheads	  and	  in	  the	  midstream	  
pipelines.	  


Another	  large	  point	  source	  of	  NOx	  in	  the	  region	  is	  the	  Bonanza	  power	  plant,	  located	  33	  miles	  SE	  of	  
Vernal	  on	  State	  route	  45.	  It	  is	  a	  coal-‐fired	  500	  MW	  capacity	  plant	  owned	  and	  operated	  by	  the	  Deseret	  
Power	  Electric	  Cooperative.	  	  	  
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Figure	  5A-‐7.	  	  Map	  of	  the	  Uintah	  Basin	  in	  northeastern	  Utah	  showing	  the	  oil	  and	  gas	  fields,	  the	  location	  
of	  known	  large	  point	  sources	  of	  O3	  precursors,	  and	  the	  four	  sites	  with	  vertical	  O3	  measurements	  
operating	  in	  February	  2012.	  


	  


RESULTS	  FOR	  HYDROCARBON	  MEASUREMENTS	  
The	  Mobile	  Lab	  conducted	  17	  surveys	  between	  February	  2	  and	  February	  21.	  The	  GMD	  Mobile	  Lab	  team	  
left	  on	  February	  22	  and	  left	  the	  Mobile	  Lab	  to	  NOAA	  CSD	  collaborators	  who	  did	  6	  more	  surveys.	  


The	  goals	  of	  the	  Mobile	  Lab	  surveys	  were	  twofold:	  


1. Identify	  large	  point	  sources	  of	  ozone	  precursors,	  i.e.,	  VOCs	  and	  NOx.	  
2. Collect	  air	  samples	  in	  plumes	  to	  characterize	  different	  sources’	  VOC	  emission	  profiles.	  


The	  primary	  constituent	  of	  natural	  gas	  is	  methane.	  A	  previous	  Mobile	  Lab	  study	  in	  the	  Denver-‐Julesburg	  
Basin	  has	  shown	  strong	  correlation	  between	  methane	  and	  other	  light	  alkanes	  in	  air	  samples	  influenced	  
by	  emissions	  in	  the	  gas	  field	  [Pétron	  et	  al.,	  2012].	  The	  in-‐situ	  methane	  (Picarro)	  measurements	  onboard	  
the	  Mobile	  Lab	  were	  used	  to	  identify	  fugitive	  emissions	  of	  natural	  gas.	  The	  photo	  on	  the	  right	  side	  shows	  
the	  near	  real	  time	  display	  of	  the	  methane	  and	  carbon	  monoxide	  measurements	  (~	  10	  sec	  delay)	  on	  a	  
screen	  in	  the	  front	  of	  the	  van	  (Figure	  5A-‐8).	  
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Figure	  5A-‐8.	  	  Photograph	  of	  Picarro	  in	  situ	  measurements	  display.	  


	  


The	  NO/NO2	  (NOAA	  NOxCaRD)	  measurements	  in	  the	  Mobile	  Lab	  were	  used	  to	  study	  NOx	  sources.	  These	  
measurements	  are	  presented	  in	  another	  section	  of	  this	  report.	  


Example	  of	  Drive	  in	  the	  Gas	  Field	  
Figures	  5A-‐9	  through	  5A-‐11	  below	  show	  the	  methane	  surface	  levels	  measured	  by	  the	  Mobile	  Lab	  during	  
the	  survey	  conducted	  on	  February	  5,	  2012.	  This	  survey’s	  main	  objective	  was	  to	  look	  at	  emissions	  of	  
methane	  and	  VOCs	  from	  a	  few	  (centralized)	  compressor	  stations.	  As	  mentioned	  earlier,	  wintertime	  
methane	  levels	  at	  the	  surface	  in	  the	  background	  atmosphere	  at	  the	  same	  latitude	  as	  the	  Basin	  are	  
currently	  around	  1.85	  ppm.	  Most	  of	  the	  methane	  mixing	  ratio	  variability	  at	  background	  surface	  sites	  is	  
related	  to	  synoptic	  weather	  events	  (bringing	  air	  from	  different	  latitudes),	  and	  it	  is	  less	  than	  100	  ppb	  or	  
0.1	  ppm.	  	  


	  
Figure	  5A-‐9.	  	  Map	  of	  February	  5,	  2012	  survey	  track,	  color	  coded	  with	  methane	  mixing	  ratio	  (from	  1.8	  
ppm	  in	  blue	  to	  4ppm	  and	  beyond	  in	  red).	  Blue	  balloons	  show	  the	  discrete	  flasks	  sampling	  locations.	  
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Figure	  5A-‐10.	  	  Frequency	  distribution	  of	  the	  methane	  mixing	  ratios	  measured	  in-‐situ	  by	  the	  Mobile	  Lab	  
on	  February	  5,	  2012.	  
	  


The	  frequency	  distribution	  plot	  on	  Figure	  5A-‐10	  shows	  that	  the	  methane	  ambient	  levels	  in	  the	  Basin	  on	  
February	  5,	  2012	  were	  almost	  all	  enhanced	  by	  several	  hundreds	  of	  ppbs	  compared	  to	  the	  wintertime	  
background	  value	  of	  1.85ppm.	  These	  enhancements	  are	  well	  beyond	  the	  synoptic	  variability	  observed	  at	  
the	  NOAA	  cooperative	  sampling	  surface	  network	  background	  sites.	  35%	  of	  the	  methane	  in-‐situ	  readings	  
on	  February	  5,	  2012	  are	  above	  3	  ppm.	  The	  methane	  ambient	  levels	  measured	  in	  the	  Uintah	  Basin	  can	  
reflect	  not	  only	  the	  proximity	  to	  large	  point	  sources	  (see	  for	  examples	  methane	  plumes	  in	  time	  series	  
plot	  in	  Figure	  5A-‐11)	  but	  also	  local	  to	  regional	  scale	  enhancements	  related	  to	  the	  accumulation	  of	  
emissions	  from	  an	  area	  source	  (i.e.,	  here	  juxtaposition	  of	  small	  or	  large	  point	  sources	  of	  methane).	  	  


The	  plumes	  we	  sampled	  downwind	  of	  large	  point	  sources	  such	  as	  compressors	  almost	  certainly	  do	  not	  
reflect	  the	  absolute	  emissions	  coming	  out	  of	  each	  site.	  We	  stayed	  on	  the	  main	  roads	  and	  tried	  to	  detect	  
potential	  plumes	  for	  each	  facility	  to	  collect	  flask	  samples.	  The	  absolute	  methane	  levels	  measured	  in-‐situ	  
and	  in	  the	  flasks	  reflect	  not	  only	  emission	  levels	  but	  also	  wind	  and	  dispersion	  conditions.	  Also	  for	  some	  
facilities	  or	  uncooperative	  wind	  conditions,	  we	  could	  not	  always	  sample	  downwind	  of	  different	  pieces	  of	  
equipment	  or	  operations.	  
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Figure	  5A-‐11.	  	  Time	  series	  of	  methane	  ambient	  levels	  measured	  during	  the	  NOAA	  Mobile	  Lab	  survey	  of	  
February	  5,	  2012.	  Also	  shown	  are	  the	  methane	  and	  propane	  mixing	  ratios	  measured	  in	  flasks	  collected	  
during	  the	  drive	  in	  and	  out	  of	  plumes.	  
	  


The	  Uintah	  Basin	  did	  not	  experience	  any	  high	  ozone	  pollution	  events	  during	  the	  2011-‐2012	  winter.	  
Ozone	  levels	  measured	  with	  the	  NOAA	  Mobile	  Lab	  across	  the	  Basin	  between	  February	  4	  and	  February	  
20,	  2012	  were	  below	  60	  ppb,	  most	  often	  below	  50	  ppb.	  Figure	  5A-‐12	  below	  shows	  the	  Mobile	  Lab	  ozone	  
data	  (purple	  symbols)	  measured	  with	  a	  commercial	  2B	  UV	  absorption	  instrument	  as	  well	  as	  the	  methane	  
level	  time	  series	  shown	  above	  in	  Figure	  5A-‐11.	  
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Figure	  5A-‐12.	  	  Time	  series	  of	  methane	  and	  ozone	  ambient	  levels	  measured	  during	  the	  NOAA	  Mobile	  Lab	  
survey	  of	  February	  5,	  2012.	  Note	  the	  titration	  (destruction)	  of	  ozone	  in	  some	  of	  the	  plumes	  intercepted	  
during	  the	  survey.	  
	  


Example	  of	  Drive	  in	  the	  Oil	  Field	  
Figures	  5A-‐14	  and	  5A-‐15	  below	  show	  the	  methane	  and	  carbon	  monoxide	  
(CO)	  surface	  levels	  measured	  in-‐situ	  by	  the	  Mobile	  Lab	  during	  the	  survey	  
conducted	  on	  February	  11,	  2012	  in	  the	  Gilsonite	  Draw	  oil	  field,	  south	  of	  
US	  40	  and	  west	  of	  Ouray.	  This	  survey’s	  main	  objective	  was	  to	  look	  at	  
emissions	  of	  methane,	  CO,	  NOx	  and	  VOCs	  from	  a	  few	  oil	  well	  pads.	  The	  
field	  is	  mostly	  off	  the	  electrical	  grid.	  At	  all	  the	  pads	  sampled,	  the	  
pumpjack	  engine	  was	  running	  on	  the	  casing	  natural	  gas	  associated	  with	  
the	  oil.	  


	  


	  
Figure	  5A-‐13.	  	  Pumpjack	  in	  
Duchesne	  County.	  


The	  four	  oil	  well	  pads	  surveyed	  during	  the	  February	  11,	  2012	  Mobile	  Lab	  drive	  all	  showed	  significant	  
emissions	  of	  unburned	  raw	  gas	  as	  well	  as	  combustion	  products	  such	  as	  CO2,	  CO,	  and	  NOx.	  	  Figure	  5A-‐16	  
shows	  that	  the	  O3	  levels	  measured	  with	  the	  2B	  instrument	  were	  between	  35	  and	  45	  ppb	  for	  most	  of	  the	  
drive	  in	  the	  oil	  field.	  Some	  of	  the	  discrete	  flask	  data	  is	  plotted	  in	  Figure	  5A-‐17.	  The	  samples	  collected	  
downwind	  of	  the	  Ashley	  compressor	  show	  a	  different	  chemical	  signature	  compared	  to	  the	  samples	  
collected	  downwind	  of	  the	  oil	  well	  pads.	  For	  the	  nine	  samples	  collected	  downwind	  of	  the	  oil	  well	  pads,	  
the	  light	  non-‐methane	  hydrocarbons	  correlate	  very	  well	  (R2	  ~	  0.9	  for	  C3-‐C5	  alkanes).	  	  
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Figure	  5A-‐14.	  	  Map	  of	  February	  11,	  2012	  survey	  track,	  color	  coded	  with	  methane	  mixing	  ratio	  (from	  1.8	  
ppm	  in	  blue	  to	  3.8ppm	  and	  beyond	  in	  red).	  Blue	  balloons	  show	  the	  discrete	  flasks	  sampling	  locations.	  
	  


	  
Figure	  5A-‐15.	  	  Time	  series	  of	  methane	  and	  carbon	  monoxide	  ambient	  levels	  measured	  during	  the	  NOAA	  
Mobile	  Lab	  survey	  of	  February	  11,	  2012.	  Also	  shown	  are	  the	  methane	  and	  carbon	  monoxide	  mixing	  
ratios	  measured	  in	  flasks	  collected	  during	  the	  drive	  in	  and	  out	  of	  plumes.	  
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Figure	  5A-‐16.	  	  Time	  series	  of	  ozone	  ambient	  levels	  measured	  during	  the	  NOAA	  Mobile	  Lab	  survey	  of	  
February	  11,	  2012	  together	  with	  some	  of	  the	  data	  shown	  above	  in	  Figure	  5A-‐15.	  
	  


	  


Figure	  5A-‐17.	  	  Flask	  composition	  data	  for	  11	  samples	  collected	  during	  the	  February	  11,	  2012	  survey.	  
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Point	  Sources	  Composition	  Characterization	  
In	  November	  2011,	  NOAA	  GMD	  conducted	  a	  quick	  3-‐day	  survey	  in	  the	  Uintah	  Basin,	  following	  the	  
November	  2,	  2011	  planning	  meeting	  in	  Vernal,	  UT.	  58	  flasks	  were	  collected	  during	  that	  time	  in	  NOAA	  
GMD	  flask	  packages	  (see	  photos	  of	  PFP	  and	  PCP	  in	  Figures	  5A-‐3	  and	  5A-‐4).	  


In	  February	  2012,	  air	  samples	  were	  collected	  in	  similar	  flask	  packages	  by	  both	  instrumented	  platforms:	  
the	  Mobile	  Lab	  (shown	  in	  yellow	  symbols	  on	  Figure	  5A-‐17	  below)	  and	  the	  light	  Aircraft	  (shown	  by	  blue	  
symbols	  on	  Figure	  5A-‐17).	  These	  air	  samples	  were	  collected	  in	  capture	  mode	  to	  document	  specific	  
source	  plumes,	  characterize	  local	  gradients	  (sometimes	  with	  unknown	  source	  origin)	  and	  regional	  or	  
local	  background	  levels.	  The	  flask	  packages	  were	  brought	  back	  to	  Boulder,	  CO,	  for	  chemical	  analysis	  by	  
NOAA	  GMD	  and	  CU	  INSTAAR	  ARL.	  	  


The	  Mobile	  Lab	  flask	  samples	  chemical	  analysis	  data	  set	  is	  available	  on	  the	  NOAA	  GMD	  ftp	  server:	  
ftp://ftp.cmdl.noaa.gov/ccg/campaign/mls/Utah2012/.	  Note	  that	  we	  are	  still	  in	  the	  process	  of	  
evaluating	  the	  analytical	  instruments	  response	  for	  high	  VOC	  levels	  and	  not	  all	  data	  is	  available	  at	  this	  
time.	  	  


	  
Figure	  5A-‐18.	  	  Map	  showing	  the	  location	  of	  the	  discrete	  air	  samples	  collected	  with	  the	  NOAA	  Mobile	  Lab	  
(yellow	  circles)	  and	  the	  NOAA	  contracted	  light	  aircraft	  (blue	  circles)	  during	  the	  November	  2011	  and	  
February	  2012	  surveys.	  Also	  shown	  in	  the	  colored	  background	  is	  surface	  elevation.	  
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Only	  light	  alkane	  data	  for	  which	  the	  NOAA	  GC/MS	  and	  CU	  INSTAAR	  ARL	  VOC	  analysis	  results	  agree	  well	  
are	  shown	  in	  the	  following	  plots.	  As	  expected,	  VOC	  levels	  in	  the	  discrete	  air	  samples	  correlate	  well	  with	  
the	  methane	  enhancement	  levels	  above	  the	  1.85	  ppm	  background.	  Figures	  5A-‐19	  through	  5A-‐22	  below	  
display	  the	  correlation	  plots	  for	  various	  VOC	  measurements	  done	  in	  the	  Mobile	  Lab	  flasks	  collected	  in	  
November	  2011	  and	  February	  2012.	  For	  some	  species,	  there	  is	  a	  clear	  distinction	  in	  the	  correlation	  
slopes	  depending	  on	  the	  source	  type,	  but	  for	  many	  others	  there	  is	  some	  correlation	  between	  the	  
various	  VOCs	  enhancements,	  yet	  there	  is	  too	  much	  spread	  within	  an	  individual	  source	  type,	  suggesting	  
that	  some	  tracers	  are	  just	  emitted	  in	  varying	  relative	  amounts	  compared	  to	  each	  other.	  The	  Glen	  Bench	  
site	  refers	  to	  a	  newly	  completed	  gas	  well	  close	  to	  US	  45	  and	  the	  entrance	  of	  Glen	  Bench	  Rd.	  Simulation	  
at	  the	  well	  occurred	  on	  February	  8	  and	  9,	  and	  a	  flowback	  pond	  was	  located	  next	  to	  the	  public	  road.	  


	  


	  
Figure	  5A-‐19.	  	  Propane	  versus	  methane	  in	  the	  discrete	  air	  samples	  collected	  with	  the	  NOAA	  Mobile	  Lab	  
(for	  both	  November	  2011	  and	  February	  2012	  campaigns).	  Color	  indicates	  where	  the	  sample	  was	  taken,	  
in	  the	  oil	  or	  gas	  fields	  or	  in	  the	  plume	  of	  an	  identified	  large	  point	  source.	  
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Figure	  5A-‐20.	  	  Similarly	  to	  Figure	  5A-‐19,	  n-‐pentane	  versus	  propane	  in	  the	  discrete	  air	  samples	  collected	  
with	  the	  NOAA	  Mobile	  Lab	  (for	  both	  November	  2011	  and	  February	  2012	  campaigns).	  	  
	  


	  
Figure	  5A-‐21.	  	  Similarly	  to	  Figures	  5A-‐19	  and	  5A-‐20,	  hexane	  versus	  i-‐pentane	  in	  the	  discrete	  air	  samples	  
collected	  with	  the	  NOAA	  Mobile	  Lab	  (for	  both	  November	  2011	  and	  February	  2012	  campaigns).	  	  
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Figure	  5A-‐22.	  	  Similarly	  to	  Figures	  5A-‐19	  and	  5A-‐21,	  benzene	  versus	  toluene	  in	  the	  discrete	  air	  samples	  
collected	  with	  the	  NOAA	  Mobile	  Lab	  (for	  both	  November	  2011	  and	  February	  2012	  campaigns).	  	  
	  


As	  the	  Mobile	  Lab	  sampled	  mostly	  individual	  point	  sources	  plumes,	  the	  relative	  enhancements	  of	  
various	  hydrocarbons	  are	  showing	  some	  substantial	  spread.	  Some	  of	  the	  spread	  is	  likely	  due	  to	  the	  non-‐
uniform	  composition	  of	  the	  gas,	  condensate	  and	  oil	  produced	  in	  the	  region.	  Processing	  of	  the	  raw	  gas	  
and	  leaks	  or	  emissions	  from	  various	  pieces	  of	  processing	  equipment	  may	  also	  explain	  some	  of	  the	  
variability	  observed.	  	  


Figure	  5A-‐23	  below	  presents	  the	  range	  of	  levels	  measured	  by	  NOAA	  GMD	  and	  CU	  INSTAAR	  ARL	  for	  a	  
large	  suite	  of	  hydrocarbons.	  Note	  the	  logarithmic	  scale	  used	  to	  display	  the	  results.	  The	  flasks	  
hydrocarbon	  data	  set	  is	  still	  preliminary	  at	  this	  point,	  and	  numbers	  may	  be	  slightly	  adjusted	  in	  the	  
coming	  months	  to	  reflect	  further	  tests	  and	  scale	  adjustments.	  	  
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Figure	  5A-‐23.	  	  Summary	  of	  the	  minimum,	  maximum,	  median	  and	  average	  levels	  measured	  in	  the	  flasks	  
by	  NOAA	  GMD	  and	  CU	  INSTAAR	  ARL.	  Note	  that	  the	  subset	  of	  flasks	  analyzed	  for	  both	  labs	  are	  not	  exactly	  
the	  same.	  The	  unit	  used	  for	  the	  non-‐methane	  hydrocarbons	  mixing	  ratios	  is	  ppb.	  
	  


	  


CONCLUSIONS	  
Based	  on	  our	  limited	  but	  high	  quality	  data	  set	  representing	  air	  influenced	  by	  different	  sources	  in	  the	  oil	  
and	  gas	  fields,	  we	  can	  summarize	  our	  preliminary	  findings	  by	  the	  following	  statements:	  


• Targeted	  sampling	  of	  regional	  enhancements	  and	  specific	  point	  sources	  plumes	  show	  that	  
alkanes	  are	  the	  most	  enhanced	  hydrocarbons.	  C2+	  alkanes	  during	  most	  drives	  correlate	  well	  
with	  methane.	  


• Aromatics	  levels	  are	  also	  elevated	  (>	  2	  ppb)	  downwind	  of	  certain	  sources.	  
• We	  did	  not	  measure	  significant	  levels	  of	  alkenes	  in	  the	  air	  samples.	  
• Measured	  levels	  depend	  on	  the	  proximity	  of	  the	  Mobile	  Lab	  sampling	  to	  the	  center	  of	  the	  


emission	  plume	  and	  on	  the	  dispersion	  conditions	  when	  the	  sample	  was	  collected.	  Therefore,	  
measured	  absolute	  atmospheric	  mixing	  ratios	  (or	  concentrations)	  should	  not	  be	  considered	  to	  
be	  representative	  of	  the	  actual	  magnitude	  of	  a	  source.	  


	  


The	  NOAA	  Mobile	  Lab	  proved	  to	  be	  a	  very	  versatile	  and	  dependable	  platform,	  which	  allowed	  the	  
research	  team	  to	  conduct	  targeted	  air	  sampling	  downwind	  of	  specific	  point	  sources.	  The	  Mobile	  Lab	  in-‐


0.0001$


0.001$


0.01$


0.1$


1$


10$


100$


1000$


10000$


CH
4$
pp


m
$


CO
$p
pb


$
C3


H8
$p
pb


$
nC


4H
10


$
iC
5H


12
$


nC
5H


12
$


C2
H2


$
C6


H6
$


Et
ha
ne


$
pr
op


an
e$


i:b
ut
an
e$


n:
bu


ta
ne


$
i:p


en
ta
ne


$
cy
cl
op


en
ta
ne


$
n:
pe


nt
an
e$


2_
2:
di
m
et
hy
lb
ut
an
e$


2:
m
et
hy
lp
en


ta
ne


$
3:
m
et
hy
lp
en


ta
ne


$
cy
cl
oh


ex
an
e$


he
xa
ne


$
2:
3:
di
m
et
hy
lp
en


ta
ne


$
he


pt
an
e$


2_
3_
4:
tr
im


et
hy
lp
en


ta
ne


$
4:
m
et
hy
lh
ep


ta
ne


$
2&


3:
m
et
hy
lh
ep


ta
ne


$
oc
ta
ne


$
et
he


ne
$


ac
et
yl
en


e$
pr
op


en
e$


1:
bu


te
ne


$
pr
op


yn
e$


t:
2:
bu


te
ne


+1
:3
:b
ut
ad
ie
ne


$
i:b


ut
en


e$
1_
2:
bu


ta
di
en


e$
1:
pe


nt
en


e$
cy
cl
op


en
te
ne


$
2:
m
et
hy
l:2


:b
ut
en


e$
t:
2:
he


xe
ne


$
c:
2:
he


xe
ne


$
be


nz
en


e$
1:
he


pt
en


e$
to
lu
en


e$
et
hy
lb
en


ze
ne


$
m
&
p:
xy
le
ne


$
o:
xy
le
ne


$


min$ max$ median$ average$


NOAA	  GMD	  	  


CU	  INSTAAR	  ARL	  







CRD/13-‐320.32	   2012	  Uintah	  Basin	  Winter	  Ozone	  &	  Air	  Quality	  Study	   217	  	  


situ	  data	  also	  provides	  a	  valuable	  record	  of	  spatial	  gradients	  across	  the	  oil	  and	  gas	  fields.	  A	  more	  
detailed	  analysis	  is	  underway.	  It	  will	  take	  into	  account	  meteorological	  conditions	  and	  present	  a	  synthesis	  
for	  the	  data	  collected	  during	  the	  November	  2011	  and	  February	  2012	  measurement	  campaigns.	  


	  


RESULTS	  FOR	  NITROGEN	  OXIDES	  MEASUREMENTS	  
The	  two-‐channel	  cavity	  ring-‐down	  spectrometer	  (CRDS)	  instrument	  NOxCaRD	  (Nitrogen	  Oxide	  Cavity	  
Ring	  Down)	  was	  deployed	  in	  the	  mobile	  laboratory	  for	  17	  drives	  in	  the	  Uintah	  Basin	  in	  February	  2012.	  	  
As	  described	  in	  section	  1	  of	  this	  report,	  the	  first	  of	  these	  channels	  directly	  measures	  NO2	  by	  optical	  
extinction	  at	  405	  nm	  and	  the	  second	  measures	  either	  NOx	  (=	  NO2	  +	  NO)	  or	  Ox	  (=	  NO2	  +	  O3)	  after	  chemical	  
conversion	  to	  NO2.	  As	  both	  NOx	  and	  Ox	  cannot	  be	  measured	  simultaneously	  with	  the	  current	  version	  of	  
this	  instrument,	  8	  of	  the	  17	  drives	  were	  made	  in	  NOx	  mode	  and	  9	  in	  Ox	  mode.	  The	  initial	  findings	  from	  
these	  two	  phases	  of	  observations	  are	  summarized	  in	  the	  following	  sections.	  


NO2	  and	  NOx	  Observations	  
Simultaneous	  NO2	  and	  NOx	  observations,	  at	  a	  1	  Hz	  measurement	  frequency,	  were	  made	  down	  wind	  of	  
gas	  and	  oil	  well	  pad	  equipment,	  compressor	  stations,	  and	  trucks	  operating	  within	  the	  Uintah	  Basin.	  A	  
map	  showing	  an	  example	  drive	  when	  NOx	  concentrations	  were	  being	  measured	  is	  shown	  in	  Figure	  5A-‐
24.	  These	  measurements	  were	  made	  with	  concurrent	  observations	  of	  CO,	  CO2	  and	  CH4	  (Figure	  5A-‐25),	  
with	  the	  aim	  of	  characterizing	  the	  multiple	  small	  NOx	  sources	  within	  the	  Basin.	  This	  data	  set	  has	  enabled	  
the	  identification	  of	  approximately	  100	  plume	  intercepts,	  with	  62	  of	  these	  being	  from	  stationary	  NOx	  
sources	  at	  oil	  and	  gas	  well	  pads.	  Although	  there	  is	  insufficient	  data	  to	  conduct	  a	  full	  test	  of	  the	  regional	  
NOx	  emissions	  inventory,	  these	  observations	  of	  small	  sources	  are	  to	  be	  used	  in	  conjunction	  with	  the	  
continuous	  NOx	  observations	  made	  at	  the	  Horse	  Pool	  site	  to	  better	  understand	  the	  processes	  controlling	  
NOx	  concentrations	  within	  the	  Basin.	  
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Figure	  5A-‐24.	  	  GPS	  track	  of	  a	  sample	  drive	  colored	  for	  NOx	  concentration.	  This	  drive	  on	  11	  February	  2012	  
was	  focused	  on	  the	  emissions	  from	  oil	  well-‐pads	  in	  the	  west	  of	  the	  Uintah	  Basin.	  
	  


	  
Figure	  5A-‐25.	  	  Time	  series	  data	  from	  the	  Mobile	  Laboratory	  during	  the	  intercept	  of	  emissions	  from	  
equipment	  running	  at	  a	  gas	  well	  in	  the	  East	  Uintah	  Basin.	  Increases	  in	  NOx	  and	  NO2	  are	  seen	  to	  correlate	  
with	  the	  combustion	  tracers	  CO	  and	  CO2,	  whilst	  elevated	  CH4	  is	  seen	  in	  one	  of	  the	  plume	  intercepts	  but	  
not	  all	  of	  them,	  indicating	  a	  potentially	  different	  source	  located	  on	  the	  well	  pad.	  
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Initial	  analysis	  of	  plumes	  from	  equipment	  at	  multiple	  oil/gas	  well-‐pads	  throughout	  the	  Uintah	  Basin	  finds	  
a	  large	  degree	  of	  variability	  in	  the	  emission	  ratios	  of	  NOx	  to	  other	  tracers.	  Figures	  5A-‐26	  and	  5A-‐27	  show	  
correlation	  plots	  for	  NOx	  with	  the	  combustion	  tracers	  CO	  and	  CO2	  as	  well	  as	  with	  CH4,	  the	  raw	  natural	  
gas	  and	  the	  fuel	  used	  in	  the	  pump	  motors,	  and	  NO2	  in	  the	  emission	  plumes	  from	  two	  different	  oil	  well	  
pads.	  Correlations	  between	  NOx	  and	  CO,	  CO2,	  CH4	  and	  NO2	  are	  excellent	  (>0.8)	  for	  both	  sources.	  The	  
emission	  ratios	  of	  these	  species,	  however,	  are	  significantly	  different	  between	  the	  two	  different	  oil	  well	  
pads.	  This	  large	  variability	  in	  emissions	  from	  seemingly	  similar	  sources	  means	  that	  the	  number	  of	  
facilities	  sampled	  during	  our	  study	  is	  insufficient	  to	  be	  able	  to	  derive	  an	  emissions	  inventory	  for	  the	  
entire	  Basin.	  These	  data	  do,	  however,	  provide	  important	  information	  on	  the	  magnitude	  and	  variability	  of	  
NOx	  emissions	  from	  these	  small	  sources,	  of	  which	  there	  are	  >8000	  distributed	  throughout	  the	  Basin	  
(~5000	  gas	  wells	  and	  ~3300	  oil	  wells).	  	  


	  


	   	  


	   	  
Figure	  5A-‐26.	  	  Correlation	  plots	  for	  emissions	  from	  oil	  well	  pad	  1	  in	  Duchesne	  County.	  Note	  the	  low	  
NOx:NO2	  ratio	  of	  1.14,	  implying	  significant	  direct	  NO2	  emissions	  from	  this	  combustion	  source.	  
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Figure	  5A-‐27.	  	  Correlation	  plots	  for	  emissions	  from	  oil	  well	  pad	  2	  in	  Duchesne	  County.	  


	  
Continued	  analysis	  of	  the	  Mobile	  Lab	  NOx	  data	  in	  conjunction	  with	  data	  collected	  at	  the	  Horse	  Pool	  site,	  
where	  continuous	  observations	  of	  NOx	  and	  NOy	  were	  made	  between	  16	  January	  and	  1	  March	  2012,	  
should	  enable	  the	  estimation	  of	  the	  relative	  importance	  to	  basin-‐wide	  NOx	  of	  the	  individual	  sources	  
identified.	  This	  data	  will	  then	  be	  available	  to	  help	  inform	  future	  decisions	  regarding	  NOx	  emission	  
controls	  within	  the	  Uintah	  basin.	  	  


	   	  


	   	  
Figure	  5A-‐28.	  	  Compressor	  station.	  
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Figure	  5A-‐29.	  	  Gas	  well	  pad.	  
	  


Ozone	  Observations	  
The	  Ox	  (or	  O3)	  mode	  of	  the	  NOxCaRD	  instrument	  was	  intended	  for	  characterization	  of	  the	  distribution	  of	  
ozone	  across	  the	  Uintah	  Basin	  during	  high	  ozone	  events.	  	  The	  instrument	  successfully	  characterized	  O3	  
distributions,	  but	  since	  there	  were	  no	  events	  during	  the	  2012	  campaign,	  the	  instrument	  demonstrated	  a	  
relatively	  uniform	  background	  O3	  level	  within	  the	  Basin,	  similar	  to	  what	  had	  been	  observed	  at	  the	  Horse	  
Pool	  intensive	  site.	  	  The	  fast-‐response	  O3	  instrument	  did	  run	  alongside	  two	  more	  conventional	  UV	  
absorption	  O3	  monitors	  in	  the	  mobile	  lab.	  	  The	  direct	  comparison	  between	  these	  measurements	  
identified	  the	  presence	  of	  large,	  transient	  interference	  signals	  on	  the	  UV	  absorption	  instruments	  due	  to	  
absorption	  of	  UV	  light	  by	  aromatic	  hydrocarbons.	  


Figure	  5A-‐30	  shows	  O3	  data	  for	  the	  drive	  on	  February	  19,	  2012.	  	  The	  map	  in	  the	  upper	  left	  hand	  corner	  
shows	  the	  Uintah	  Basin,	  Vernal,	  the	  oil	  and	  gas	  wells	  locations,	  and	  the	  location	  of	  the	  Horse	  Pool	  site	  
and	  the	  Bonanza	  power	  plant.	  	  The	  heavy	  line	  is	  the	  van	  drive	  track,	  color	  and	  size	  coded	  by	  the	  mixing	  
ratio	  of	  O3	  measured	  by	  one	  of	  the	  UV	  instruments	  (color	  code	  shown	  below	  the	  map,	  size	  code	  scaled	  
to	  color	  code).	  	  The	  data	  show	  UV	  O3	  mixing	  ratios	  in	  excess	  of	  500	  ppbv	  near	  the	  site	  marked	  Glen	  
Bench	  on	  the	  map.	  	  The	  time	  series	  shows	  the	  O3	  data	  for	  all	  three	  instruments	  (CRDS	  O3	  and	  the	  two	  UV	  
instruments).	  	  The	  two	  UV	  instruments	  show	  similar,	  large,	  transient	  peaks	  near	  the	  end	  of	  the	  drive	  
when	  the	  van	  was	  in	  the	  vicinity	  of	  the	  Glen	  Bench	  site.	  	  The	  CRDS	  O3,	  by	  contrast,	  shows	  no	  apparent	  
deviation	  from	  the	  background	  level	  in	  the	  area	  around	  Glen	  Bench.	  
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Figure	  5A-‐30.	  	  Ozone	  data	  for	  19	  February	  van	  drive.	  


	  


The	  Glen	  Bench	  site	  was	  at	  the	  intersection	  of	  Utah	  state	  highway	  45	  and	  Glen	  Bench	  Road.	  	  During	  the	  
time	  of	  the	  UBWOS	  2012	  study,	  there	  was	  a	  well	  under	  development	  at	  this	  site	  that	  included	  a	  
flowback	  pond.	  	  Aromatic	  hydrocarbon	  concentrations	  at	  this	  site	  were	  substantial,	  and	  were	  measured	  
on	  several	  different	  days	  using	  a	  proton-‐transfer	  reaction	  mass	  spectrometer	  (PTR-‐MS)	  that	  was	  
mounted	  on	  the	  van	  for	  the	  last	  half	  of	  the	  campaign.	  	  Figure	  5A-‐31	  shows	  an	  expanded	  time	  series	  of	  
the	  data	  from	  Figure	  5A-‐30	  for	  the	  time	  period	  when	  the	  van	  sampled	  downwind	  of	  the	  Glen	  Bench	  site.	  	  
The	  upper	  graph	  shows	  measured	  concentrations	  of	  a	  variety	  of	  different	  aromatic	  hydrocarbons,	  which	  
were	  well	  in	  excess	  of	  1	  part	  per	  million	  (ppm)	  for	  C6	  –	  C9	  aromatics,	  with	  peak	  mixing	  ratios	  
approaching	  10	  ppm	  for	  C8	  aromatics.	  


The	  lower	  graph	  of	  Figure	  5A-‐31	  shows	  the	  calculated	  interference	  signal	  for	  254	  nm	  absorption,	  
assuming	  quantitative	  transmission	  of	  the	  aromatic	  VOCs	  through	  the	  UV	  ozone	  instrument	  and	  no	  loss	  
of	  the	  VOC	  during	  instrument	  zeros.	  	  Since	  the	  PTR	  measures	  only	  classes	  of	  compounds	  rather	  than	  
individual	  ones,	  the	  254	  nm	  absorption	  cross	  sections	  for	  each	  class	  of	  VOCs	  was	  taken	  as	  the	  average	  of	  
the	  cross	  section	  for	  the	  compounds	  within	  the	  class.	  	  For	  example,	  C8	  aromatics	  consist	  of	  ethyl	  
benzene	  and	  1,2-‐,	  1,3-‐	  and	  1,4-‐dimethylbenzene.	  	  The	  calculated	  interference	  exceeds	  the	  measured	  
interference,	  but	  the	  calculated	  and	  measured	  interference	  signals	  correlated	  well,	  as	  shown	  in	  Figure	  
5A-‐32.	  	  The	  measured	  interference	  was	  approximately	  60%	  of	  the	  calculated	  for	  both	  instruments.	  
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Figure	  5A-‐31.	  	  Expanded	  time	  series	  of	  aromatic	  VOCs	  (top)	  and	  comparison	  of	  measured	  O3	  signal	  to	  
the	  calculated	  interference	  (bottom)	  for	  the	  measured	  aromatics.	  
	  


	  
Figure	  5A-‐32.	  	  Correlation	  of	  measured	  UV	  O3	  to	  calculated	  interference	  from	  Figure	  5A-‐31	  for	  the	  two	  
UV	  O3	  monitors.	  
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The	  discrepancy	  between	  the	  calculated	  and	  measured	  interference	  signals	  is	  most	  likely	  due	  to	  an	  
impartial	  zeroing	  of	  the	  aromatic	  VOCs	  on	  the	  scrubber	  in	  the	  2B	  O3	  monitors.	  	  These	  monitors	  use	  a	  
metal	  catalyst	  to	  scrub	  O3	  from	  ambient	  air.	  	  If	  the	  catalyst	  were	  also	  to	  scrub	  all	  of	  the	  aromatic	  VOCs	  
from	  air,	  the	  monitor	  would	  register	  the	  entire	  aromatic	  VOC	  absorption	  as	  an	  O3	  signal.	  	  If	  the	  catalyst	  
only	  partially	  scrubs	  the	  aromatics,	  it	  will	  register	  a	  signal	  smaller	  than	  the	  maximum	  possible	  
interference.	  	  The	  comparison	  in	  Figure	  5A-‐32	  suggests	  that	  the	  scrubbers	  in	  these	  monitors	  remove	  
aromatic	  VOCs	  with	  approximately	  40%	  efficiency.	  


Observations	  of	  interferences	  on	  the	  UV	  O3	  monitors	  were	  observed	  frequently	  and	  with	  the	  largest	  
intensity	  at	  the	  Glen	  Bench	  flowback	  pond	  site.	  	  However,	  it	  was	  also	  observed	  with	  regularity,	  albeit	  at	  
smaller	  levels,	  throughout	  the	  Uintah	  Basin.	  	  Figure	  5A-‐33	  shows	  the	  van	  drive	  for	  February	  27.	  	  The	  map	  
inset	  shows	  the	  track	  of	  the	  drive,	  in	  this	  case	  color	  and	  size	  coded	  by	  the	  difference	  between	  the	  UV	  
and	  CRDS	  O3	  instruments.	  	  The	  time	  series	  also	  shows	  this	  difference	  (left	  axis)	  and	  the	  measured	  mixing	  
ratio	  of	  benzene	  (right	  axis).	  	  Although	  the	  Glen	  Bench	  site	  showed	  the	  largest	  measured	  interference	  
signal	  (up	  to	  100	  ppbv	  on	  this	  drive),	  there	  were	  numerous	  other	  transient	  interferences	  correlated	  with	  
large	  mixing	  ratios	  of	  benzene	  at	  other	  locations	  with	  in	  the	  basin,	  especially	  within	  the	  area	  with	  a	  large	  
number	  of	  gas	  wells.	  


An	  immediate	  question	  raised	  by	  these	  observations	  is	  the	  potential	  for	  aromatic	  VOC	  emissions	  to	  bias	  
the	  O3	  measurements	  and	  associated	  O3	  exceedances	  observed	  from	  stationary	  monitors	  within	  the	  
Uintah	  Basin.	  	  Both	  UV	  and	  CRDS	  based	  O3	  measurements	  were	  made	  at	  the	  Horse	  Pool	  site.	  	  The	  UV	  O3	  
monitor	  at	  Horse	  Pool	  was	  made	  by	  Thermo	  Electric	  Corporation	  (“TECO”)	  and	  uses	  a	  different	  scrubber	  
material	  that	  should	  make	  it	  less	  sensitive	  to	  such	  an	  interference.	  	  The	  observed	  levels	  of	  benzene	  at	  
Horse	  Pool	  also	  did	  not	  reach	  the	  levels	  observed	  immediately	  downwind	  of	  point	  sources	  that	  were	  
sampled	  by	  the	  mobile	  laboratory.	  	  Calculated,	  transient	  interferences	  at	  Horse	  Pool	  never	  exceeded	  10	  
ppbv	  O3,	  and	  the	  campaign	  average	  calculated	  O3	  interference	  there	  was	  less	  than	  0.2	  ppbv.	  	  Although	  
there	  were	  transient	  differences	  between	  the	  two	  O3	  instruments	  at	  Horse	  Pool	  that	  were	  on	  the	  order	  
of	  a	  few	  ppbv,	  none	  correlated	  with	  the	  presence	  of	  aromatic	  VOC	  in	  a	  manner	  that	  was	  systematic	  
enough	  to	  suggest	  interference	  on	  the	  TECO	  O3	  monitor.	  	  Thus,	  although	  there	  were	  clear,	  large,	  
transient	  interferences	  associated	  with	  large	  point	  sources	  sampled	  by	  the	  mobile	  lab,	  they	  are	  unlikely	  
to	  bias	  the	  conclusions	  from	  prior	  measurements	  that	  large	  exceedances	  of	  O3	  occurred	  within	  the	  
Uintah	  Basin	  in	  winter	  under	  cold	  temperature	  inversions.	  
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Figure	  5A-‐33.	  	  Data	  from	  the	  February	  27th	  mobile	  lab	  drive	  plotted	  as	  the	  difference	  between	  the	  two	  O3	  
monitors	  (left	  axis)	  and	  the	  benzene	  mixing	  ratio	  from	  the	  PTR-‐MS	  (right	  axis).	  	  The	  map	  at	  inset	  shows	  the	  track	  of	  
the	  drive	  in	  the	  Uintah	  Basin,	  color	  and	  size	  coded	  by	  the	  O3	  difference	  in	  the	  time	  series.	  
	  


	  


DATA	  ACCESS	  
• Mobile	  Lab	  data	  collected	  by	  NOAA	  GMD	  is	  available	  at:	  	  


ftp://ftp.cmdl.noaa.gov/ccg/campaign/mls/Utah2012/	  	  


As	  data	  is	  being	  reprocessed,	  new	  folders	  and	  files	  will	  be	  uploaded	  on	  the	  ftp	  site.	  


	  


• Mobile	  Lab	  data	  collected	  by	  NOAA	  CSD	  is	  available	  at	  (password	  required):	  


http://www.esrl.noaa.gov/csd/groups/csd7/measurements/2012ubwos/Ground/DataDownload
/mobilelab.php	  


	  


Please	  contact	  the	  study	  PIs	  if	  you	  would	  like	  to	  use	  the	  data	  or	  have	  questions	  about	  the	  data.	  
Gabrielle.Petron@noaa.gov	  and	  Peter.M.Edwards@noaa.gov	  
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CHAPTER	  V	  (PART	  B)	  


TETHERED	  OZONESONDE	  MEASUREMENTS	  IN	  THE	  UINTAH	  BASIN	  
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INTRODUCTION	  
Ozone	  and	  temperature	  profiles	  were	  measured	  by	  tethered	  ozonesondes	  at	  4	  different	  sites	  within	  the	  
Uintah	  Basin	  during	  a	  three-‐week	  period	  in	  February	  2012.	  Ozonesondes	  have	  been	  used	  at	  NOAA	  for	  
more	  than	  25	  years	  for	  monitoring	  stratospheric	  ozone	  at	  long-‐term	  sites	  and	  on	  numerous	  intensive	  
campaigns.	  The	  ozonesondes	  are	  typically	  released	  on	  free-‐flying	  balloons	  that	  reach	  30-‐35	  km	  altitude	  
in	  less	  than	  2	  hours.	  	  However,	  for	  the	  Uintah	  Basin	  campaign,	  the	  relatively	  fast	  rising	  balloon	  (~	  300	  
meters	  per	  minute	  rise	  rate)	  on	  a	  typical	  ozonesonde	  flight	  would	  travel	  too	  quickly	  through	  the	  layer	  of	  
interest	  near	  the	  surface.	  Therefore,	  a	  new	  custom	  built	  tether	  system,	  shown	  in	  Figure	  5B-‐1,	  was	  
designed	  by	  NOAA	  GMD	  to	  carry	  an	  ozonesonde	  from	  ground	  level	  to	  a	  height	  of	  320	  meters	  and	  back	  
down	  in	  about	  60-‐70	  minutes.	  Based	  on	  the	  2011	  ozone	  study	  (Martin	  et	  al.,	  2011)	  within	  the	  Uintah	  
basin	  this	  height	  would	  extend	  above	  the	  top	  of	  a	  localized	  wintertime	  inversion.	  Therefore,	  running	  
several	  profiles	  per	  day	  would	  track	  the	  vertical	  development	  of	  high	  ozone	  and	  provide	  high-‐resolution	  
measurements	  during	  the	  inversion	  period.	  Ozone	  levels	  well	  above	  the	  tether	  height	  were	  important	  to	  
check	  fro	  transport	  into	  the	  basin	  so	  full	  tropospheric	  and	  stratospheric	  profiles	  were	  measured	  from	  
balloon-‐borne	  ozonesonde	  launches	  within	  the	  basin	  on	  2	  occasions.	  


	  
Figure	  5B-‐1a.	  	  The	  portable	  automated	  ozonesonde	  tether	  setup	  at	  Horse	  Pool.	  
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Figure	  5B-‐1b.	  	  The	  portable	  automated	  ozonesonde	  tether	  setup	  at	  Jensen,	  Utah.	  


In	  addition	  to	  the	  tethered	  ozonesondes,	  a	  continuous	  UV	  Photometric	  surface	  ozone	  analyzer	  (TEI)	  was	  
operating	  full	  time	  at	  the	  Ouray	  National	  Wildlife	  Refuge	  to	  measure	  the	  diurnal	  surface	  ozone	  
concentration	  range	  and	  for	  ozonesonde	  data	  checks	  prior	  to	  each	  tethered	  profile	  measurement.	  A	  
dual	  ozonesonde	  package	  was	  also	  set	  up	  to	  sample	  from	  the	  ozonesonde	  group’s	  van	  during	  five	  1-‐2	  
hour	  drives	  primarily	  between	  Ouray,	  Horse	  Pool,	  Jensen	  and	  Vernal	  near	  the	  end	  of	  the	  February	  
campaign.	  The	  Ouray	  TEI	  UV	  monitor	  was	  added	  on	  two	  of	  the	  drives	  to	  compare	  with	  the	  ozonesondes.	  
One	  additional	  comparison	  involved	  driving	  the	  dual	  ozonesonde	  van	  behind	  the	  NOAA	  full-‐time	  mobile	  
van	  that	  was	  using	  2B	  UV	  ozone	  monitors.	  


	  
Figure	  5B-‐2.	  	  UV	  photometric	  surface	  ozone	  analyzer	  TEI	  operated	  full	  time	  at	  the	  Ouray	  site	  during	  the	  
February	  campaign.	  
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METHODS	  AND	  OBSERVATIONS	  


Ozonesondes	  are	  ideal	  for	  vertical	  ambient	  and	  mobile	  measurements	  since	  they	  are	  stable	  under	  a	  
wide	  range	  of	  temperatures	  and	  pressures.	  The	  measurement	  principle	  is	  based	  on	  the	  on	  the	  
iodometric	  method,	  the	  fast	  reaction	  of	  ozone	  and	  iodide	  (I-‐)	  in	  an	  aqueous	  1%	  potassium	  iodide	  
solution.	  The	  ozonesonde	  sensor	  described	  by	  Komhyr	  et	  al.	  [1969,	  1995]	  uses	  a	  platinum	  electrode	  
electrochemical	  cell.	  The	  sensor’s	  output	  current	  is	  linearly	  proportional	  to	  the	  rate	  at	  which	  ozone	  is	  
bubbled	  into	  the	  KI	  solution.	  Precision	  is	  better	  than	  ±	  (3–5)%	  with	  an	  accuracy	  of	  about	  ±	  (5–10)%	  up	  to	  
30	  km	  altitude	  based	  on	  environmental	  chamber	  simulation	  tests	  reported	  by	  Smit	  et	  al.	  (2007),	  and	  
from	  a	  field	  ozonesonde	  intercomparison	  campaign	  [Deshler	  et	  al.,	  2008].	  	  The	  Appendix	  shows	  the	  
specifications	  for	  the	  instruments	  used	  during	  the	  Uintah	  campaign.	  


The	  sensor	  is	  interfaced	  with	  an	  Imet	  radiosonde	  that	  measures	  and	  transmits	  ambient	  pressure,	  
temperature,	  relative	  humidity,	  and	  GPS	  altitude	  and	  location	  along	  with	  the	  ozone	  data.	  


The	  Uintah	  ozonesondes	  were	  conditioned	  and	  prepared	  according	  to	  NOAA	  standard	  operating	  
procedures	  then	  compared	  to	  a	  NIST-‐standardized	  Thermo	  Environmental	  UV	  ozone	  calibrator	  model	  
49C	  at	  0,	  40,	  and	  100	  ppbv	  at	  the	  Bingham	  Research	  Center	  Laboratory	  in	  Vernal.	  Final	  data	  was	  QA/QCd	  
using	  NOAA	  viewing	  and	  editing	  software.	  


	  
Figure	  5B-‐3.	  	  Ozonesonde	  preparation	  and	  testing	  location	  in	  Bingham	  Research	  Center	  Laboratory.	  
Every	  ozonesonde	  used	  in	  the	  Uintah	  Basin	  program	  was	  tested	  and	  calibrated	  before	  use.	  	  
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Tether	  Ozonesonde	  Measurements	  
Two	  months	  prior	  to	  the	  start	  of	  the	  Uintah	  measurements	  project	  in	  February,	  the	  tether	  system	  was	  
developed	  and	  tested	  by	  the	  NOAA	  Global	  Monitoring	  Division.	  The	  system	  is	  based	  upon	  a	  motorized	  
deep-‐sea	  fishing	  rod	  and	  reel	  with	  50-‐pound	  line.	  The	  fishing	  rod	  provided	  tension	  relief	  on	  the	  line	  
allowing	  lower	  weight	  line	  to	  be	  used.	  	  The	  lightweight	  system	  was	  shown	  to	  be	  rugged	  and	  reliable	  
during	  operation.	  The	  design	  also	  included	  communication	  software	  and	  data	  loggers	  to	  continuously	  
monitor	  the	  radiosonde	  pressure	  allowing	  control	  of	  the	  ascent	  and	  descent	  rates.	  The	  system	  can	  
operate	  unmanned	  during	  ascent,	  descent,	  and	  holding	  at	  an	  altitude	  level	  as	  controlled	  from	  a	  laptop	  
computer	  located	  up	  to	  30	  m	  distant.	  	  Four	  systems	  were	  used	  during	  the	  campaign.	  


The	  tethered	  balloon	  sites	  shown	  on	  the	  map	  in	  Figure	  5B-‐4	  are	  also	  listed	  in	  Table	  5B-‐1	  along	  with	  the	  
maximum	  ozone	  levels	  (46.5	  to	  58.5	  ppbv)	  observed	  at	  each	  site	  during	  the	  February	  6-‐28,	  2012	  study	  
period.	  The	  Horse	  Pool	  tether	  sonde	  was	  operated	  by	  the	  University	  of	  Colorado	  group	  alongside	  their	  
Sky	  Doc	  tether	  balloon	  system.	  Figure	  5B-‐4	  shows	  height	  above	  ground	  level	  versus	  average	  ozone	  (±	  1	  
standard	  deviation)	  for	  all	  of	  the	  sites,	  while	  Figure	  5B-‐5	  shows	  altitude	  (elevation	  above	  sea	  level)	  
versus	  average	  ozone	  (±	  1	  standard	  deviation)	  for	  each	  individual	  site.	  Both	  plots	  show	  typical	  lower	  
morning	  ozone	  levels	  increasing	  to	  40-‐50	  ppbv	  range	  by	  afternoon.	  Peak	  values	  of	  50-‐58	  ppbv	  were	  
observed	  around	  3	  PM	  local	  time.	  The	  Roosevelt	  site	  only	  had	  8	  profiles	  measured	  in	  the	  afternoon	  
which	  makes	  it	  appear	  higher	  but	  was	  not	  significantly	  different	  from	  other	  sites	  when	  comparing	  
similar	  times.	  


	  
Figure	  5B-‐4.	  	  The	  Uintah	  Basin	  tethered	  ozonesonde	  site	  locations	  with	  a	  summary	  plot	  of	  the	  average	  
ozone	  mixing	  ratio	  and	  standard	  deviations	  measured	  at	  all	  sites	  during	  morning	  (between	  sunrise	  and	  
local	  noon)	  and	  afternoon	  (noon	  to	  sunset).	  	  The	  tethersonde	  systems	  conducted	  135	  profiles	  in	  
February,	  2012	  in	  the	  Uintah	  Basin	  plus	  16	  demonstration	  profiles	  in	  Vernal	  and	  Fort	  Duchesne.	  
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Table	  5B-‐1.	  	  Uintah	  Basin	  primary	  tethered	  ozonesonde	  site	  locations,	  number	  of	  profiles	  measured	  and	  
maximum	  ozone	  mixing	  ratios	  measured	  during	  February	  2012.	  


Location	   Longitude	  (oW)	   Latitude	  (oN)	   Elevation	  (m)	   #	  of	  tether	  
profiles/dates	  


[O3]max	  
(ppbv)	  


Ouray	   109.64459	   40.13470	  	  	  	  	   1430	   42	  	  	  Feb	  6-‐27	   53.4	  
Horse	  Pool	   109.46743	   40.14309	   1569	   62	  	  	  Feb	  7-‐26	   58.5	  
Jensen	   109.35191	  	  	   40.36872	  	  	   1454	   33	  	  	  Feb	  6-‐28	   46.5	  
Roosevelt	   110.00819	  	  	   40.29425	   1587	   	  	  8	  	  	  Feb	  16	   51.1	  
	  


	  
Figure	  5B-‐5.	  	  Vertical	  profiles	  of	  ozone	  ranging	  from	  30-‐50	  ppbv	  measured	  by	  tethered	  ECC	  ozonesondes	  
with	  one	  standard	  deviation	  bars.	  The	  vertical	  axis	  displays	  altitude	  above	  sea	  level	  (meters)	  rather	  than	  
height	  above	  ground	  level	  in	  order	  to	  show	  matching	  altitude	  levels	  between	  the	  color-‐coded	  sites	  in	  the	  
graph.	  The	  peak	  ozone	  values	  were	  measured	  between	  2	  and	  4	  PM	  local	  time.	  	  The	  Roosevelt	  site	  only	  
shows	  afternoon	  measurements.	  
	  
The	  progression	  of	  ozone	  mixing	  ratio	  and	  temperature	  throughout	  the	  first	  300	  meters	  in	  a	  single	  day	  
was	  measured	  from	  20	  profiles	  at	  Ouray	  on	  February	  17	  from	  6:35	  AM	  to	  5:46	  PM	  local	  time.	  	  Figures	  
5B-‐6	  and	  5B-‐7	  show	  two	  of	  the	  individual	  ozone	  and	  temperature	  profiles	  during	  ascent	  (up)	  and	  
descent	  (down)	  along	  with	  height	  versus	  time	  in	  the	  shaded	  region	  directly	  below	  each	  plot.	  	  During	  the	  
morning	  (Fig.	  6),	  ozone	  was	  very	  low	  at	  12	  ppbv	  at	  2	  meters	  above	  ground	  level	  and	  increased	  to	  28	  
ppbv	  at	  50	  meters	  above	  the	  surface.	  The	  morning	  up	  and	  down	  profiles	  from	  ground	  to	  310	  meters	  
showed	  differences	  of	  5	  to	  8	  ppbv.	  	  However,	  Figure	  5B-‐7	  shows	  that	  by	  the	  afternoon	  (15:38	  –	  16:47)	  
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the	  ozone	  mixing	  ratios	  were	  nearly	  identical	  and	  well	  mixed	  at	  51-‐52	  ppbv	  throughout	  ascent	  and	  
descent.	  	  The	  contour	  plots	  in	  Figure	  5B-‐8	  summarize	  the	  transition	  in	  ozone	  and	  temperature	  
throughout	  the	  day	  from	  all	  20	  profiles.	  	  At	  all	  times	  during	  the	  campaign,	  8hr	  average	  surface	  levels	  
were	  well	  below	  the	  75	  ppb	  ozone	  National	  Ambient	  Air	  Quality	  Standard.	  
	  


	  
Figure	  5B-‐6.	  	  Morning	  ozonesonde	  profile	  at	  the	  Ouray	  site	  on	  February	  17	  from	  7:33	  to	  8:43	  local	  time	  
showing	  the	  low	  ozone	  levels	  near	  the	  ground.	  The	  lower	  chart	  shows	  the	  altitude	  in	  blue	  shading	  along	  
with	  ozone	  and	  various	  ozonesonde	  instrument-‐operating	  parameters	  on	  the	  right	  vertical	  axis.	  It	  is	  
important	  to	  monitor	  the	  ozonesonde	  operating	  parameters	  to	  ensure	  accurate	  measurements	  that	  are	  
consistent	  between	  successive	  ozone	  soundings.	  	  	  
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Figure	  5B-‐7.	  	  Afternoon	  ozonesonde	  profile	  at	  Ouray	  site	  on	  February	  17	  from	  15:38	  to	  16:50	  local	  time	  
showing	  a	  well-‐mixed	  layer	  up	  to	  310	  meters	  above	  ground	  level	  and	  the	  excellent	  agreement	  with	  
ascent	  and	  descent	  ozone	  mixing	  ratios.	  
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Figure	  5B-‐8.	  	  Contours	  of	  ozone	  ppb	  (top)	  and	  temperature	  (bottom)	  measured	  from	  sunrise	  to	  sunset	  
at	  the	  Ouray,	  Utah	  tethered	  ozonesonde	  site	  on	  February	  17,	  2012.	  	  The	  dark	  horizontal	  lines	  shows	  the	  
typical	  range	  for	  the	  top	  of	  the	  mixed	  layer	  based	  on	  2011	  measurements	  from	  the	  Red	  Wash	  site.	  	  In	  
2013	  we	  propose	  to	  operate	  four	  such	  sites	  in	  the	  Uintah	  Basin.	  
	  


Temperature	  (	  C	  )	  
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TEI	  Surface	  Ozone	  Monitor	  
The	  TEI	  continuous	  surface	  ozone	  monitor	  at	  Ouray	  ran	  from	  February	  6	  until	  February	  27.	  Figure	  5B-‐9	  
shows	  the	  ozone	  mixing	  ratio	  data	  averaged	  in	  one-‐minute	  intervals.	  The	  diurnal	  minimum	  occurred	  
near	  7:00	  local	  time	  while	  the	  ozone-‐mixing	  ratio	  peaked	  in	  the	  afternoon	  at	  15:00	  as	  shown	  in	  the	  
lower	  graph	  of	  Figure	  5B-‐9.	  The	  one-‐hour	  maximum	  ozone	  of	  50.1	  ppb	  was	  measured	  on	  Feb	  18	  from	  
15:00-‐16:00	  local	  time.	  	  	  


	  
Figure	  5B-‐9.	  	  Ouray	  site	  TEI	  surface	  ozone	  monitor	  one-‐minute	  data	  (top)	  and	  hourly	  average	  with	  
standard	  deviations	  for	  the	  February	  6-‐27,	  2012	  period.	  
	  


Free	  Flying	  Ozonesondes	  	  
One	  of	  the	  two	  complete	  tropospheric	  and	  stratospheric	  ozone	  profiles	  measured	  during	  the	  project	  is	  
shown	  in	  Figure	  5B-‐10.	  	  The	  ozonesondes	  were	  launched	  in	  the	  afternoon	  and	  showed	  tropospheric	  
ozone	  remaining	  below	  62	  ppbv	  (right	  graph)	  up	  to	  10.2	  kilometers	  above	  sea	  level	  when	  ozone	  
increased	  sharply	  as	  the	  sonde	  entered	  the	  stratosphere.	  The	  free	  flying	  ozonesonde	  ascent	  rate	  was	  
approximately	  300	  meters	  per	  minute,	  reaching	  balloon	  burst	  altitude	  in	  110	  minutes.	  The	  receiver	  and	  
403	  MHz	  antenna	  setup	  at	  Ouray	  was	  able	  to	  track	  the	  ozonesonde	  data	  transmission	  after	  burst	  -‐	  the	  
descent	  was	  slowed	  by	  a	  small	  plastic	  parachute.	  The	  ozonesonde	  data	  transmission	  weakened	  and	  was	  
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finally	  lost	  once	  the	  ozonesonde	  had	  floated	  back	  down	  to	  8	  km	  altitude.	  The	  GPS	  location	  showed	  the	  
sonde	  was	  then	  approximately	  150	  miles	  to	  the	  northeast	  of	  Ouray.	  
	  


	  
Figure	  5B-‐10.	  	  Free	  flying	  balloon	  ozonesonde	  launched	  from	  Ouray	  on	  February	  27,	  2012	  showing	  the	  
sharp	  temperature	  and	  ozone	  transition	  from	  the	  troposphere	  to	  the	  stratosphere	  layer	  at	  10.2	  
kilometers	  above	  sea	  level	  (33,000	  feet).	  	  The	  left	  graph	  shows	  the	  full	  ozone	  profile	  (partial	  pressure	  
millipascals)	  and	  temperature	  up	  to	  balloon	  burst	  height	  at	  33.4	  km	  (110,000	  feet).	  
	  


Dual	  Ozonesonde	  Surface	  Measurements	  from	  a	  Moving	  Van	  
The	  versatility	  of	  the	  ECC	  ozonesonde	  allowed	  for	  additional	  surface	  mobile	  ozone	  measurements	  by	  
mounting	  a	  dual	  ECC	  ozonesonde	  (which	  includes	  a	  standard	  GPS	  radiosonde)	  in	  the	  rear	  passenger	  side	  
window	  of	  the	  NOAA	  van.	  Five	  of	  the	  ~	  1.5	  to	  2	  hour	  drives	  are	  summarized	  in	  Table	  5B-‐2.	  Two	  of	  the	  
drives	  included	  the	  TEI	  ozone	  monitor	  sampling	  line	  directly	  next	  to	  the	  ozonesonde	  intake	  tubes.	  Power	  
for	  the	  receiver	  and	  laptop	  for	  the	  ozonesonde	  system	  and	  the	  TEI	  ozone	  monitor	  was	  supplied	  by	  a	  600	  
watt	  pure	  sine	  wave	  inverter	  and	  12	  volt	  deep	  cycle	  marine	  battery	  inside	  the	  van.	  
	  
One	  of	  the	  ECC	  ozonesondes	  also	  included	  a	  filter	  on	  the	  air	  intake	  to	  scrub	  sulfur	  dioxide.	  	  SO2	  
interferes	  with	  the	  standard	  ECC	  ozonesonde	  measurement	  by	  decreasing	  the	  ozone	  signal	  by	  1	  ppb	  for	  
each	  ppb	  of	  SO2	  in	  the	  sampled	  air.	  This	  is	  typically	  not	  a	  problem	  for	  ozonesonde	  observations	  since	  SO2	  
natural	  background	  concentrations	  are	  low,	  less	  than	  2	  ppb.	  However,	  in	  regions	  where	  there	  may	  be	  an	  
SO2	  	  plume,	  the	  concentration	  could	  be	  high	  enough	  so	  a	  difference	  between	  the	  filtered	  and	  unfiltered	  
ozonesonde	  would	  infer	  a	  measurable	  SO2	  concentration	  with	  a	  detection	  limit	  of	  3	  ppb	  (Morris	  et	  al.,	  
2010).	  	  	  
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Figure	  5B-‐11.	  	  NOAA	  dual	  ozonesonde	  instrument	  mounted	  for	  mobile	  measurements.	  


	  
The	  ECC	  ozonesondes	  and	  TEI	  ozone	  monitor	  compared	  very	  well	  within	  rural	  areas	  of	  the	  sampling	  
drives,	  usually	  within	  1	  ppb.	  The	  instruments	  showed	  the	  most	  variation	  on	  February	  27,	  while	  driving	  
through	  Vernal	  city	  limits	  during	  calm,	  nighttime	  conditions	  when	  differences	  in	  the	  ozonesonde	  and	  TEI	  
sampling	  response	  times	  and	  possibly	  not	  well	  mixed	  air	  gave	  noisy	  results.	  The	  vertical	  bar	  in	  Figure	  5B-‐
12	  shows	  when	  the	  van	  entered	  Vernal	  city	  limits.	  The	  differences	  between	  the	  SO2	  filtered	  and	  
unfiltered	  ECC	  sondes	  showed	  only	  a	  few	  spikes	  close	  to	  5	  ppbv	  with	  most	  average	  differences	  below	  
the	  estimated	  detection	  limit	  of	  the	  SO2	  inference	  method.	  


	  
Table	  5B-‐2.	  	  Summary	  of	  dual	  ozonesonde	  drives	  with	  average,	  minimum,	  maximum	  ozone	  in	  parts	  per	  
billion	  by	  volume	  (ppbv)	  measured	  by	  the	  dual	  ozonesondes	  (#1	  =	  no	  filter,	  #2	  =	  SO2	  filter).	  


Date	   From	   To	   [O3]	  avg	  
#1	  /	  #2	  	  


[O3]min	  
	  #1	  /	  #2	  


[O3]max	  
	  #1	  /	  #2	  	  	  	  (ppbv)	  


Feb	  26	  17:00	   Ouray	   Vernal	  	  	  	  	   36.9	  /	  37.5	   20.2	  /	  18.4	   46.9	  /	  44.7	  
Feb	  27	  09:00	   Vernal	   Ouray	   31.4	  /	  30.9	   24.8	  /	  24.1	   35.5	  /	  35.8	  
Feb	  27	  17:00	   Ouray	   Vernal	  	  	   33.6	  /	  34.3	   27.7	  /	  28.2	   38.0	  /	  38.4	  
Feb	  28	  09:30	   Vernal	  	  	   Glen	  Bench	   36.6	  /	  37.2	   14.0	  /	  15.7	   46.6	  /	  47.9	  
Feb	  29	  08:15	   Vernal	   Rangely	  CO	   36.1	  /	  36.6	   21.2	  /	  21.8	   43.6	  /	  45.5	  
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Figure	  5B-‐12.	  	  Map	  of	  route	  travelled	  and	  measured	  ozone	  from	  the	  dual	  ozonesonde	  and	  TEI	  ozone	  
monitor	  on	  February	  27.	  	  The	  ~	  SO2	  scale	  (ppbv)	  on	  the	  right	  represents	  the	  difference	  between	  sonde	  
#1	  (no	  filter)	  and	  sonde	  #2	  (SO2	  filter).	  	  The	  vertical	  bar	  shows	  when	  the	  van	  entered	  Vernal.	  	  
	  


	  


OUTREACH	  AND	  EDUCATION	  	  
The	  tethered	  balloon	  ozonesonde	  system	  was	  set	  up	  for	  3	  different	  public	  relation	  events	  for	  
demonstration	  purposes.	  Along	  with	  talks	  and	  slideshows	  the	  balloon	  worked	  very	  well	  as	  a	  visual	  aid	  
showing	  actual	  scientific	  measurements	  of	  ozone	  from	  the	  balloon-‐tethered	  ozonesonde.	  Presentations	  
were	  done	  during	  the	  Winter	  Ozone	  Study	  Kickoff	  Event	  at	  the	  Bingham	  research	  center	  press	  
conference	  and	  two	  local	  schools:	  Uintah	  River	  High	  School	  in	  Fort	  Duchesne	  and	  Vernal	  Middle	  School.	  
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Figure	  5B-‐13.	  	  Presentation	  and	  balloon	  demonstration	  at	  Uintah	  River	  High	  School	  in	  Fort	  Duchesne,	  
Utah.	  
	  


	  
Figure	  5B-‐14.	  	  Presentation	  and	  balloon	  demonstration	  at	  Vernal	  Middle	  School.	  
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SUMMARY	  
Vertical	  profiles	  of	  ozone	  were	  measured	  by	  tethered	  ozonesondes	  at	  four	  different	  sites	  within	  the	  
Uintah	  Basin	  during	  the	  February	  2012	  air	  quality	  study.	  The	  primary	  goal	  was	  to	  set	  up	  in	  early	  February	  
in	  preparation	  for	  a	  wintertime	  inversion	  forecast,	  then	  begin	  intensive	  measurements	  from	  sunrise	  to	  
sunset	  for	  several	  days	  at	  the	  sites.	  However,	  the	  conditions	  never	  developed	  as	  the	  winter	  remained	  
mild	  with	  very	  little	  snow	  and	  no	  winter	  temperature	  inversions.	  Nonetheless,	  145	  profiles	  were	  
measured	  at	  various	  times	  throughout	  the	  study	  period	  to	  provide	  good	  background	  ozone	  
measurements	  typically	  in	  the	  30-‐50	  ppb	  range	  from	  surface	  up	  to	  310	  meters	  (1000	  feet)	  above	  ground	  
level.	  Peak	  values	  were	  in	  the	  50-‐58	  ppbv	  range	  between	  2	  PM	  and	  4	  PM	  local	  time.	  The	  tethered	  ECC	  
ozonesonde	  system	  was	  shown	  to	  be	  very	  mobile	  and	  easy	  to	  setup	  to	  measure	  ozone	  profiles	  under	  
low-‐wind	  conditions.	  In	  addition	  to	  tethered	  ozonesonde	  measurements,	  2	  free	  flying	  sondes	  were	  
released	  which	  showed	  that	  ozone	  levels	  were	  below	  62	  ppb	  throughout	  the	  troposphere	  from	  surface	  
to	  nearly	  11,000	  meters	  (36,000	  feet)	  altitude,	  then	  increased	  sharply	  once	  entering	  the	  stratosphere.	  
Mobile	  van	  measurements	  from	  a	  dual	  ozonesonde	  package	  and	  a	  TEI	  ozone	  monitor	  agreed	  very	  well,	  
all	  measurements	  showing	  ozone	  in	  the	  15–48	  ppbv	  range.	  	  
	  
All	  tethered,	  free	  flying	  balloon,	  and	  dual	  ozonesonde	  van	  drive	  data	  is	  available	  at:	  
ftp://ftp.cmdl.noaa.gov/ozwv/ozone/Uintah/DATA_NOAA_Balloon/	  
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APPENDIX:	  INSTRUMENT	  SPECIFICATIONS	  	  


ECC	  (electrochemical	  concentration	  cell)	  Ozonesonde	  
The	  ozonesonde	  sensor	  described	  by	  Komhyr	  et	  al.	  [1969,	  1995]	  uses	  a	  platinum	  electrode	  
electrochemical	  cell.	  	  The	  sensor’s	  output	  current	  is	  linearly	  proportional	  to	  the	  rate	  at	  which	  
ozone	  is	  bubbled	  into	  the	  KI	  solution.	  	  Ozone	  mixing	  ratio	  can	  then	  be	  computed	  from	  Equation	  
(1).	  	  


	  
PO3	  	  =	  4.30	  •	  (I	  –	  IBG)	  •	  Tp	  •	  PF	  /	  P	  	   	   	   	   	  	  	  	  	  	  	  	  (1)	  


Where:	  
PO3	  =	  Ozone	  mixing	  ratio	  (parts	  per	  billion	  by	  volume)	  
I	  	  	  	  	  	  =	  Cell	  output	  current	  (~	  0-‐5.0	  microamperes)	  
IBG	  	  =	  Cell	  background	  current	  (typically	  0-‐0.03	  microamperes)	  
Tp	  	  	  =	  Temperature	  of	  sonde	  pump	  (K)	  
PF	  	  	  =	  Flow	  rate	  in	  seconds	  per	  100	  ml	  of	  air	  flow	  
Measured	  by	  a	  standard	  soap	  bubble	  flow	  meter	  with	  small	  correction	  (+2.5%	  to	  +3.5%)	  
applied	  to	  account	  for	  evaporation	  of	  the	  soap	  bubble	  solution.	  	  
P	  	  	  	  =	  Ambient	  Air	  Pressure	  (hectopascals	  or	  millibars)	  
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Accuracy	  Troposphere:	  	  ±	  2	  ppbv	  (parts	  per	  billion	  by	  volume)	  ±	  3-‐5%	  of	  reading	  
Accuracy	  Stratosphere:	  	  ±	  (5–10)%	  up	  to	  30	  km	  altitude.	  
Precision:	  	  ±	  3-‐5%	  
Data	  frequency:	  	  1	  hz	  
Calibration:	  	  The	  electrochemical	  method	  for	  measuring	  ozone	  is	  an	  absolute	  method.	  However,	  	  	  ECC	  
ozonesondes	  are	  screened	  before	  use	  in	  the	  field	  by	  checking	  against	  the	  laboratory	  NIST-‐standardized	  
Thermo	  Environmental	  UV	  ozone	  calibrator	  model	  49C	  at	  zero,	  40	  ppbv	  and	  100	  ppbv.	  The	  ozonesonde	  
must	  read	  within	  2%	  of	  the	  calibrator	  before	  use	  in	  the	  field.	  
	  


Free	  flying	  release	  ozonesonde:	  	  	   Tethered	  ozonesonde:	  
Altitude	  Range:	  	  	   surface	  to	  98,000	  feet	  	   	   	   surface	  to	  1,000	  feet	  
Balloon	  Rise	  Rate:	  	  	   800	  feet/	  minute	   	   	   35	  feet/minute	  
Vertical	  Resolution:	  	  	   160	  feet	   	  	   	   	   7	  feet	  
	  


Intermet	  Radiosonde 	  
Temperature	  	  accuracy/precision:	  	  ±	  0.2	  C	  /	  0.2	  C	  
Humidity	  accuracy/precision:	  	  ±	  <3%	  /	  2%	  	  
Pressure	  	  accuracy/precision:	  	  ±0.5hPa	  (millibars)	  /	  0.5	  hPa	  
GPS	  Altitude:	  +/-‐	  5	  meters	  (16	  feet)	  
	  


Thermo	  Scientific	  49i	  Ozone	  Monitor	  (TEI) 	  
Principle:	  	  Dual	  path	  UV	  Absorption	  
Accuracy	  Troposphere:	  	  ±	  1	  ppbv	  (parts	  per	  billion	  by	  volume)	  	  
Precision:	  	  ±	  3%	  
Range:	  1-‐250	  ppbv	  	  	  	  	  	  Calibration:	  NIST	  Traceable	  	  	  	  	  	  	  Data	  frequency:	  1	  minute	  averages	  


	  
Contact:	  
	  
Bryan	  Johnson	   	   	   	   	  
U.S.	  Department	  of	  Commerce	   	   	  
NOAA/ESRL,	  325	  Broadway,	  R/GMD1	  
Ozone	  &	  Water	  Vapor	  Group	  
Boulder,	  CO	  	  80305-‐3328	  
phone:	  (303)	  497-‐6842	  
email:	  bryan.johnson@noaa.gov	  
	  
DATA	  FTP	  site:	  ftp://ftp.cmdl.noaa.gov/ozwv/ozone/Uintah/DATA_NOAA_Balloon	  
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CHAPTER	  VI	  


CONTINUOUS	  VERTICAL	  PROFILING	  OF	  METEOROLOGICAL	  VARIABLES,	  	  
OZONE,	  NITROGEN	  OXIDES,	  METHANE,	  AND	  TOTAL	  HYDROCARBONS	  	  


	  


Detlev	  Helmig	  
Institute	  of	  Arctic	  and	  Alpine	  Research,	  University	  of	  Colorado,	  Boulder	  


	  


	  	  


STUDY	  OBJECTIVES	  
The	  objective	  of	  this	  project	  was	  to	  study	  the	  sources,	  sinks,	  and	  distribution	  of	  ozone,	  nitrogen	  oxides,	  
and	  hydrocarbons	  in	  the	  Uintah	  Basin	  by	  continuous	  vertical	  profiling	  of	  these	  gases	  using	  the	  CU	  
Boulder/INSTAAR	  tethered	  balloon	  vertical	  profiling	  platform.	  	  Meteorological	  variables	  were	  monitored	  
in	  concert	  with	  the	  chemical	  observations	  for	  linking	  the	  chemical	  behavior	  of	  these	  gas	  species	  to	  
synoptic,	  micrometeorological,	  and	  boundary	  layer	  conditions	  and	  upwind	  source	  regions.	  


	  


STUDY	  PERIOD	  &	  PARTICIPATING	  SCIENTISTS	  
The	  study	  by	  the	  CU	  Boulder/INSTAAR	  group	  was	  conducted	  at	  the	  Horsepool	  site	  from	  January	  28-‐
February	  29,	  2012.	  	  Two	  to	  four	  scientists	  were	  at	  the	  site	  at	  any	  given	  time.	  	  An	  RV	  was	  rented	  and	  kept	  
at	  the	  site	  throughout	  the	  study,	  allowing	  researchers	  to	  spend	  the	  night	  at	  the	  site	  and	  attend	  the	  
experiment	  on	  a	  24/7	  schedule.	  	  Field	  personnel	  included	  Detlev	  Helmig	  (P.I.),	  Lee	  Mauldin	  (senior	  
scientist),	  Jacques	  Hueber	  (engineers),	  Patrick	  Boylan	  (graduate	  student),	  Brie	  vanDam	  (graduate	  
student),	  Jorrel	  Torres	  (undergraduate	  researcher).	  	  In	  addition,	  Brian	  Seok	  (graduate	  student)	  and	  Jason	  
Evans	  (undergraduate	  student)	  helped	  with	  the	  field	  experiment	  preparation	  and	  data	  handling	  and	  
processing	  at	  CU.	  


	  


EXPERIMENTAL	  DETAILS	  	  
A	  SkyDoc	  tethered	  balloon	  was	  used	  as	  a	  vertical	  profiling	  platform.	  	  A	  photograph	  of	  the	  deployment	  at	  
the	  site	  is	  shown	  In	  Figure	  6-‐1.	  	  The	  launch	  site	  was	  approximately	  100	  meters	  south	  of	  the	  NOAA	  CSD	  
instrument	  trailers	  and	  scaffolding.	  	  An	  instrument	  trailer	  was	  placed	  adjacent	  to	  the	  balloon	  launch	  site.	  	  
A	  2	  m	  tower	  was	  installed	  10	  m	  south	  of	  the	  trailer.	  	  Three	  650-‐foot	  Teflon	  sampling	  lines	  were	  raised	  by	  
the	  balloon,	  and	  air	  was	  continuously	  drawn	  day	  and	  night	  through	  to	  the	  surface.	  	  One	  inlet	  was	  placed	  
on	  the	  tower	  at	  2	  m,	  and	  one	  inlet	  was	  placed	  on	  the	  ground	  to	  prepare	  for	  sample	  air	  being	  drawn	  from	  
below	  the	  snow.	  	  Meteorological	  sensors	  were	  mounted	  at	  fixed	  heights	  on	  the	  balloon	  for	  
measurement	  of	  vertical	  profiles	  of	  temperature,	  wind	  speed,	  wind	  direction,	  and	  humidity.	  	  A	  sketch	  of	  
the	  experimental	  setup	  is	  shown	  in	  Figure	  6-‐2.	  	  Gas	  measurements	  from	  the	  five	  inlet	  locations	  included	  
ozone,	  nitrogen	  oxides,	  methane,	  and	  volatile	  organic	  compounds	  (VOC).	  
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Figure	  6-‐1.	  	  Setup	  of	  the	  CU	  Boulder	  experiment	  at	  the	  Horsepool	  site.	  	  The	  photograph	  depicts	  the	  20-‐
foot	  diameter	  SkyDoc	  tethered	  balloon,	  the	  balloon	  winch	  (inside	  wooden	  box),	  and	  the	  CU	  instrument	  
trailer.	  	  At	  the	  time	  of	  the	  picture,	  the	  balloon	  was	  lowered	  to	  the	  surface	  (here	  at	  approximately	  30	  
feet)	  for	  instrument	  maintenance.	  	  During	  regular	  operation,	  the	  balloon	  was	  raised	  to	  500	  feet	  and	  
served	  as	  a	  “sky	  dock”	  for	  raising	  instruments	  and	  sampling-‐line	  inlets.	  


	  


Figure	  6-‐2.	  	  Schematic	  of	  the	  CU	  Boulder	  balloon	  experiment.	  
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RESULTS	  
The	  experiment	  provided	  continuous,	  100%	  data	  coverage	  from	  the	  ground	  observations	  February	  1-‐29.	  	  
The	  tethered	  balloon	  vertical	  profiling	  observations	  covered	  approximately	  75%	  (~	  500	  hours)	  of	  that	  
time,	  which	  reflects	  a	  remarkably	  successful	  operation	  of	  the	  balloon	  system.	  	  Gaps	  in	  the	  balloon	  data	  
resulted	  from	  the	  regular	  ground	  level	  intercomparison	  measurements	  of	  balloon	  sampling	  line	  inlets	  
and	  meteorological	  sensors,	  from	  several	  periods	  with	  high	  winds	  when	  the	  balloon	  had	  to	  be	  kept	  near	  
the	  surface	  for	  safety	  reasons,	  and	  from	  two	  occasions	  when	  the	  balloon	  had	  to	  undergo	  repairs	  of	  
damages	  suffered	  during	  high	  wind	  conditions.	  


Summary	  of	  Ozone	  Measurement	  Results	  
Ozone	  was	  measured	  in	  the	  range	  of	  10-‐60	  ppbv	  during	  the	  study	  period.	  	  Ozone	  showed	  a	  very	  dynamic	  
behavior,	  typically	  increasing	  during	  the	  day	  and	  declining	  at	  night.	  	  The	  daytime/nighttime	  amplitude	  
was	  on	  the	  order	  of	  20-‐40	  ppbv.	  	  At	  night,	  the	  lowest	  500	  feet	  of	  the	  atmosphere	  that	  were	  probed	  with	  
the	  balloon	  showed	  a	  distinct	  stratification,	  with	  stronger	  ozone	  removal/destruction	  observed	  near	  the	  
surface.	  	  During	  daytime	  hours,	  a	  homogeneous	  vertical	  distribution	  was	  observed.	  	  The	  example	  in	  
Figure	  6-‐3	  shows	  a	  typical	  diurnal	  cycle	  of	  ozone	  measured	  at	  four	  heights.	  


	  
Figure	  6-‐3.	  	  Example	  of	  a	  full	  day	  of	  ozone	  measurements	  from	  the	  three	  balloon	  inlets	  (top	  =	  450	  feet,	  
middle	  =	  300	  feet,	  bottom	  =	  150	  feet)	  and	  tower	  inlet	  (6	  feet)	  on	  5	  Feb.	  2012	  (DOY	  36).	  
	  


Summary	  of	  Nitrogen	  Oxides	  Measurement	  Results	  
Total	  nitrogen	  oxides	  (NOx)	  were	  generally	  in	  the	  range	  1-‐30	  ppbv.	  	  NOx	  were	  quite	  variable,	  with	  large	  
enhancements	  occurring	  both	  during	  day	  and	  at	  night.	  	  Stronger	  enhancements	  were	  at	  times	  seen	  at	  
the	  lower	  sampling	  heights,	  and	  at	  other	  times	  in	  air	  drawn	  from	  higher	  aloft.	  	  The	  observed	  NOx	  levels	  
and	  their	  dynamic	  concentration	  behavior	  point	  towards	  a	  multitude	  of	  significant	  NOx	  sources	  in	  the	  
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immediate	  surroundings	  of	  the	  site.	  	  The	  NOx	  seen	  at	  Horsepool	  resembles	  an	  urban/inner	  city	  
behavior.	  	  A	  NOx	  data	  example	  is	  shown	  in	  Figure	  6-‐4.	  


	  
Figure	  6-‐4.	  	  Example	  of	  one	  day	  of	  NOx	  measurements	  from	  the	  balloon	  inlets,	  and	  surface	  tower,	  and	  
ground	  inlets	  from	  11	  Feb.	  2012	  (DOY	  42).	  
	  


Nitrogen	  monoxide	  (NO)	  showed	  strong	  diurnal	  cycles,	  with	  maxima	  of	  1-‐5	  ppbv	  during	  the	  daytime	  and	  
levels	  dropping	  well	  below	  1	  ppbv	  at	  night.	  	  The	  low	  nighttime	  NO	  levels	  illustrate	  that	  natural	  NO	  soil	  
emissions	  at	  the	  site	  are	  an	  insignificant	  source,	  and	  that	  most	  NO	  originates	  from	  the	  photolysis	  of	  NO2	  
that	  is	  transported	  to	  the	  site.	  


	  
Figure	  6-‐5.	  	  Example	  of	  one	  day	  of	  NO	  measurements	  from	  the	  balloon	  inlets,	  surface	  tower,	  and	  ground	  
inlet	  from	  6	  Feb.	  2012.	  	  Please	  note	  that	  the	  data	  from	  the	  long	  balloon	  line	  have	  not	  been	  corrected	  
(yet)	  for	  possible	  NO	  -‐>	  NO2	  conversion	  that	  can	  occur	  during	  the	  ~	  1	  min	  residence	  time	  in	  the	  tubing.	  
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Summary	  of	  Methane	  Results	  	  
Methane	  showed	  remarkable	  enhancements	  over	  background	  concentrations.	  	  Observed	  methane	  
levels	  were	  in	  the	  range	  of	  2-‐20	  ppmv.	  	  Methane	  showed	  accumulation	  in	  the	  surface	  layer	  during	  night	  
and	  lower	  levels	  during	  daytime	  hours.	  	  Higher	  methane	  concentrations	  were	  seen	  near	  the	  surface	  at	  
night	  compared	  to	  aloft.	  	  A	  relatively	  homogeneous	  distribution	  with	  height	  was	  seen	  during	  the	  day.	  	  
The	  methane	  data	  point	  towards	  a	  multitude	  of	  strong	  sources	  in	  the	  region.	  	  An	  example	  of	  a	  diurnal	  
methane	  cycle	  and	  diurnal	  profile	  is	  shown	  in	  Figure	  6-‐6.	  


	  
Figure	  6-‐6.	  	  Methane	  in	  air	  drawn	  from	  the	  balloon	  inlets,	  surface	  tower,	  and	  ground	  inlet	  from	  12-‐15	  
Feb.	  2012	  (DOY	  43-‐46).	  
	  


Summary	  of	  Volatile	  Organic	  Compounds	  Results	  
VOC	  were	  determined	  at	  the	  site	  in-‐situ	  with	  a	  gas	  chromatography	  system	  operated	  in	  the	  CU	  
instrument	  trailer	  and	  in	  flask	  samples	  that	  were	  collected	  at	  the	  site	  and	  then	  brought	  back	  to	  CU	  for	  
analysis	  on	  a	  laboratory	  system.	  	  Results	  from	  these	  two	  independent	  procedures	  were	  very	  consistent.	  	  	  
VOC	  were	  dominated	  by	  light	  non-‐methane	  hydrocarbons,	  with	  the	  largest	  mass	  fraction	  constituted	  by	  
alkanes,	  i.e.,	  ethane,	  propane,	  iso-‐butane,	  n-‐butane.	  	  There	  were	  many	  more	  higher	  carbon	  number	  
alkanes	  identified,	  with	  generally	  their	  mass	  contribution	  declining	  with	  increasing	  molecule	  size.	  	  NMHC	  
showed	  distinct	  diurnal	  cycles,	  with	  similar	  patterns	  as	  observed	  for	  methane.	  	  Concentration	  maxima	  
were	  observed	  at	  night,	  and	  minima	  during	  midday	  to	  evening	  hours.	  	  Figure	  6-‐6	  shows	  this	  pattern	  for	  
three	  days	  of	  ethane	  data.	  	  Concentrations	  of	  NMHC	  were	  highly	  elevated	  over	  background	  levels.	  	  For	  
instance,	  the	  background	  for	  ethane	  for	  40	  deg	  N	  latitude	  and	  the	  month	  of	  February	  is	  on	  the	  order	  of	  
2	  ppbv.	  	  The	  data	  in	  Figure	  6-‐6	  show	  that	  ethane	  levels	  measured	  at	  Horsepool	  ranged	  between	  2-‐350	  
ppbv,	  with	  maxima	  exceeding	  the	  hemispheric	  background	  by	  up	  to	  150	  times.	  	  NMHC	  showed	  similar	  
concentration	  patters	  from	  the	  ground	  to	  the	  highest	  balloon	  inlet,	  with	  near-‐surface	  concentrations	  in	  
general	  being	  10-‐50%	  higher	  than	  aloft.	  	  Observed	  NMHC	  concentrations	  are	  by	  far	  the	  highest	  ethane	  
levels	  we	  have	  observed	  in	  20+	  years	  of	  ambient	  air	  ethane	  monitoring,	  including	  observations	  from	  
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inner	  city	  sites.	  	  Similar	  conclusions	  can	  be	  drawn	  for	  the	  other	  NMHC	  that	  were	  quantified.	  	  	  There	  were	  
strong	  correlations	  between	  individual	  NMHC	  species	  (Figure	  6-‐7).	  	  NMHC	  also	  correlated	  with	  methane	  
(Figure	  6-‐8).	  	  The	  high	  correlation	  seen	  between	  NMHC	  and	  methane	  makes	  it	  plausible	  that	  these	  
compounds	  share	  common	  sources.	  	  The	  slopes	  of	  the	  NMHC	  to	  methane	  relationships	  can	  
consequently	  be	  used	  to	  estimate	  the	  mass	  of	  NMHC	  released	  in	  relation	  to	  methane.	  	  This	  analysis	  
suggests	  that	  ethane	  constitutes	  6-‐10%	  of	  the	  mass	  of	  methane	  emitted.	  	  Pooling	  all	  identified	  NMHC	  
results	  over	  methane	  results	  in	  a	  total	  NMHC	  mass	  ratio	  of	  approximately	  30%.	  	  In	  Figure	  6-‐9,	  the	  
ethane-‐methane	  data	  pairs	  are	  color-‐coded	  by	  surface	  wind	  direction	  during	  the	  time	  of	  sampling.	  	  
Furthermore,	  the	  size	  of	  the	  data	  point	  is	  an	  indication	  of	  wind	  speed,	  with	  larger	  data	  points	  resulting	  
from	  high	  wind	  conditions.	  	  	  This	  analysis	  illustrates	  that	  higher	  methane	  and	  ethane	  concentrations	  
were	  observed	  when	  winds	  came	  from	  the	  east	  to	  southwest	  sector.	  	  Furthermore,	  higher	  concentration	  
occurred	  during	  low	  wind	  speeds.	  	  At	  higher	  winds,	  NMHC	  were	  consistently	  at	  the	  lower	  threshold	  of	  
observed	  concentrations.	  


	  
Figure	  6-‐7.	  	  Ethane	  in	  air	  drawn	  from	  the	  balloon	  inlets,	  surface	  tower,	  and	  ground	  inlet	  15-‐18	  Feb.	  2012	  
(DOY	  46-‐49).	  
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Figure	  6-‐8.	  	  Relationship	  between	  two	  NMHC,	  in	  this	  case	  i-‐butane	  and	  n-‐butane,	  in	  samples	  collected	  at	  
the	  ground	  and	  from	  balloon	  sampling-‐line	  inlets.	  
	  


	  
Figure	  6-‐9.	  	  Ethane	  versus	  methane	  correlation	  in	  samples	  collected	  from	  the	  balloon	  and	  surface	  tower	  
inlets	  with	  the	  instrument	  operated	  at	  the	  site	  as	  well	  as	  in	  samples	  that	  were	  brought	  back	  to	  the	  
Boulder	  laboratory	  system	  for	  analysis.	  	  The	  slope	  value	  of	  this	  relationship	  (added	  to	  the	  graph	  in	  color)	  
for	  the	  in-‐situ	  data	  (red)	  and	  programmable	  flask	  package	  (PFP)	  data	  (blue)	  suggests	  an	  ethane	  to	  
methane	  mass	  emission	  ration	  of	  6-‐10%.	  
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Figure	  6-‐10.	  	  Ethane	  to	  methane	  relationship	  with	  data	  points	  color	  coded	  by	  wind	  direction	  (see	  color	  
bar	  inside	  the	  figure	  for	  wind	  direction	  scale)	  and	  marker	  size	  being	  indicative	  of	  wind	  speed.	  
	  


SUMMARY	  	  
The	  surface	  and	  vertical	  tethered	  balloon	  data	  collected	  at	  Horsepool	  illustrate	  a	  strong	  case	  of	  the	  
effect	  of	  the	  diurnal	  cycling	  between	  nighttime	  stable	  conditions	  and	  daytime	  convective	  mixing	  on	  
ozone	  and	  ozone	  precursor	  compounds.	  	  Concentration	  enhancements	  seen	  from	  the	  ground	  to	  500	  
feet	  height	  for	  methane,	  NMHC,	  and	  NOx	  point	  towards	  strong	  sources	  of	  these	  gases	  in	  the	  immediate	  
surroundings	  of	  the	  site.	  	  NOx	  levels	  were	  measured	  at	  significantly	  higher	  concentrations	  than	  what	  
would	  be	  expected	  for	  an	  environment	  this	  far	  away	  from	  urban	  areas.	  	  Furthermore,	  VOC,	  in	  particular	  
light	  NMHC,	  were	  highly	  elevated.	  	  Ozone	  behavior	  indicates	  nighttime	  destruction	  from	  deposition	  and	  
NO	  titration,	  and	  moderate	  ozone	  production	  during	  daytime	  hours.	  	  Due	  to	  the	  lack	  of	  snow	  during	  the	  
study	  period,	  no	  data	  under	  snow-‐cover	  conditions	  could	  be	  collected.	  	  It	  appears	  likely	  that	  the	  
increased	  atmospheric	  stability	  expected	  over	  snow	  and	  the	  strongly	  suppressed	  mixing	  during	  daytime	  
(compared	  to	  non-‐snow	  covered	  conditions)	  will	  result	  in	  further	  enhancements	  of	  ozone	  precursor	  
concentrations	  (NOx	  and	  VOC)	  and	  that	  their	  concentrations	  will	  likely	  build	  up	  over	  consecutive	  days	  to	  
levels	  that	  exceed	  the	  February	  2012	  observations,	  which,	  under	  the	  expected	  increased	  solar	  irradiance	  
over	  snow,	  would	  result	  in	  increased	  ozone	  production.	  
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CHAPTER	  VII	  


	  THE	  POTENTIAL	  FOR	  OZONE	  PRODUCTION	  IN	  THE	  UINTAH	  BASIN:	  
A	  CLIMATOLOGICAL	  ANALYSIS	  	  


	  


Marc	  Mansfield	  and	  Courtney	  Hall	  
Bingham	  Entrepreneurship	  &	  Energy	  Research	  Center,	  Utah	  State	  University,	  Vernal,	  UT.	  


	  


	  	  


SUMMARY	  
Winter	  ozone	  events	  have	  been	  observed	  in	  the	  Upper	  Green	  River	  Basin	  (UGRB)	  of	  Wyoming	  and	  in	  the	  
Uintah	  Basin	  (Basin)	  in	  eastern	  Utah.	  	  However,	  since	  extensive	  ozone	  monitoring	  in	  the	  Basin	  has	  
occurred	  during	  three	  winter	  seasons	  only,	  our	  understanding	  of	  the	  Basin’s	  ozone	  production	  in	  any	  
given	  winter	  is	  incomplete.	  	  We	  do	  know	  that	  some	  winters	  are	  worse	  for	  ozone	  than	  others.	  	  Multiple	  
exceedances	  of	  the	  75-‐ppb	  eight-‐hour-‐average	  National	  Ambient	  Air	  Quality	  Standard	  (NAAQS)	  were	  
observed	  in	  the	  winters	  of	  2009-‐10	  and	  2010-‐11,	  but	  none	  in	  2011-‐12.	  	  This	  document	  reports	  an	  
analysis	  of	  historical	  climate	  patterns	  intended	  to	  predict	  the	  likelihood	  that	  any	  given	  winter	  in	  the	  
Basin	  will	  exhibit	  either	  low	  or	  high	  ozone.	  	  
	  
A	  conceptual	  model	  of	  the	  UGRB	  [Stoickenius	  &	  Ma,	  2010]	  indicates	  that	  the	  following	  “ingredients”	  are	  
required	  to	  produce	  winter	  ozone	  events:	  
	  


• ozone	  precursors	  (VOC	  and	  NOx)	  in	  the	  atmosphere,	  
• solar	  radiation,	  	  
• intense	  thermal	  inversions,	  and	  
• snow	  cover.	  


	   	  
Solar	  radiation	  and	  ozone	  precursors	  are	  the	  “basic	  ingredients,”	  while	  thermal	  inversions	  and	  snow	  
cover	  are	  “intensifiers”	  of	  the	  basic	  ingredients.	  	  Persistent	  (i.e.,	  multi-‐day)	  inversions	  trap	  precursors	  
within	  a	  surface	  layer	  and	  permit	  them	  to	  build,	  while	  snow	  cover	  reflects	  rather	  than	  absorbs	  solar	  
radiation	  hitting	  the	  surface.	  	  Three	  years	  of	  ozone	  monitoring	  in	  the	  Basin	  are	  consistent	  with	  this	  
conceptual	  model:	  	  Snow	  cover	  and	  inversions	  were	  plentiful	  during	  2009-‐10	  and	  2010-‐11,	  but	  were	  
scarce	  during	  2011-‐12.	  	  	  	  
	  
In	  this	  study,	  we	  have	  examined	  climate	  data	  for	  a	  total	  of	  63	  winter	  seasons	  covering	  the	  time	  period	  
from	  January	  1950	  to	  February	  2012.	  	  Normally,	  thermal	  inversions	  are	  detected	  directly	  through	  
balloon-‐borne	  sonde	  measurements,	  which	  of	  course	  are	  not	  generally	  available	  day	  in	  and	  day	  out.	  	  
However,	  we	  developed	  a	  technique	  based	  on	  the	  daily	  surface	  temperature	  recorded	  at	  various	  
elevations	  throughout	  the	  Basin.	  	  We	  find	  that	  as	  long	  as	  the	  input	  temperature	  data	  are	  accurate	  and	  as	  
long	  as	  we	  have	  a	  representative	  sampling	  of	  surface	  temperatures	  from	  throughout	  the	  Basin,	  we	  are	  
able	  to	  identify	  and	  characterize	  the	  strength	  of	  thermal	  inversions	  on	  any	  given	  day	  since	  1950.	  	  Using	  
snow	  depth	  measurements	  from	  throughout	  the	  Basin,	  we	  have	  also	  determined	  the	  average	  snow	  
depth	  on	  any	  given	  day	  (with	  occasional	  gaps	  in	  the	  data)	  since	  1950.	  
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Using	  ozone	  data	  from	  three	  winter	  seasons	  (2009-‐10,	  2010-‐11,	  2011-‐12),	  we	  have	  developed	  a	  
mathematical	  model	  (in	  the	  form	  of	  a	  quadratic	  regression)	  that	  predicts	  the	  daily	  maximum	  ozone	  
concentration.	  	  The	  independent	  variables	  in	  the	  model	  are	  (1)	  daily	  lapse	  rate	  (a	  measure	  of	  the	  
strength	  of	  thermal	  inversions),	  (2)	  snow	  depth,	  (3)	  temperature,	  (4)	  solar	  zenith	  angle,	  and	  (5)	  number	  
of	  consecutive	  days	  since	  the	  beginning	  of	  a	  multi-‐day	  inversion	  event.	  	  Although	  imperfect,	  the	  model	  is	  
reasonably	  accurate.	  	  Given	  values	  of	  the	  above	  five	  variables,	  we	  can	  estimate	  the	  maximum	  ozone	  
concentration	  on	  any	  given	  day	  with	  a	  standard	  error	  of	  about	  13	  ppb.	  	  As	  explained	  below,	  our	  greatest	  
confidence	  in	  the	  model	  is	  in	  the	  prediction	  of	  (1)	  ozone	  levels	  when	  actual	  ozone	  is	  low,	  and	  (2)	  the	  
relative	  ranking	  of	  ozone	  production	  in	  any	  two	  given	  years.	  	  	  
	  
Because	  we	  only	  have	  three	  winter	  seasons	  of	  actual	  ozone	  measurements	  from	  which	  to	  draw,	  and	  
because	  the	  emissions	  of	  ozone	  precursors	  probably	  did	  not	  vary	  much	  over	  these	  three	  winters,	  there	  
is	  no	  way	  at	  present	  to	  design	  a	  predictive	  model	  that	  includes	  dependence	  on	  precursor	  emissions.	  	  (It	  
remains	  to	  be	  seen	  whether	  this	  can	  be	  done	  for	  the	  UGRB,	  where	  ozone	  monitoring	  has	  extended	  now	  
over	  six	  winters.)	  	  Nevertheless,	  we	  can	  apply	  our	  predictive	  model	  to	  any	  given	  winter	  day	  for	  which	  
the	  values	  of	  the	  above	  five	  dependent	  variables	  are	  available,	  and	  estimate	  the	  potential	  for	  ozone	  
production	  on	  that	  day	  under	  the	  assumption	  that	  precursor	  emissions	  are	  at	  the	  levels	  typical	  of	  the	  
period	  2009	  to	  2012.	  	  While	  the	  model	  does	  not	  tell	  us	  anything	  about	  past	  ozone	  levels,	  it	  does	  let	  us	  
estimate	  the	  probability	  for	  ozone	  production	  in	  the	  Basin	  in	  any	  typical	  winter	  over	  the	  next	  few	  years,	  
essentially	  for	  as	  long	  as	  precursor	  emissions	  remain	  approximately	  at	  their	  current	  level.	  	  
	  
Interestingly,	  there	  appears	  to	  be	  a	  lag	  of	  about	  one	  month	  between	  peak	  inversion	  season	  (January)	  
and	  peak	  ozone	  season	  (February).	  	  The	  likely	  explanation	  for	  the	  lag	  is	  the	  changing	  solar	  angle.	  	  The	  
sun	  is	  lowest	  in	  the	  sky	  at	  the	  winter	  solstice,	  December	  21,	  and	  climbs	  steadily	  throughout	  the	  
remainder	  of	  the	  winter	  season.	  	  Therefore,	  we	  find	  that	  inversions	  occurring	  before	  the	  end	  of	  January	  
are	  less	  ozone-‐productive	  than	  those	  occurring	  from	  the	  beginning	  of	  February	  until	  the	  snow	  cover	  
melts.	  	  Indeed,	  the	  data	  seem	  to	  indicate	  that	  after	  mid-‐February,	  even	  weak	  inversions	  can	  generate	  
high	  ozone	  levels,	  if	  there	  is	  also	  adequate	  snow	  cover.	  
	  
We	  also	  find	  that	  multi-‐day	  inversion	  events,	  because	  they	  lead	  to	  build-‐up	  of	  precursors,	  produce	  more	  
ozone	  than	  isolated,	  single-‐day	  inversions.	  	  We	  also	  find	  that	  inversions	  occurring	  without	  snow	  cover	  
are	  ineffective	  for	  ozone.	  	  	  
	  
Based	  on	  climate	  data	  since	  the	  1950s,	  we	  find	  44%	  odds	  that	  any	  given	  winter	  will	  be	  compliant	  with	  
the	  NAAQS	  standard,	  assuming	  current	  precursor	  emission	  levels.	  	  We	  also	  find	  27%	  odds	  that	  a	  winter	  
will	  be	  as	  bad	  or	  worse	  for	  ozone	  than	  the	  most	  recent	  heavy	  ozone	  season,	  2010-‐11,	  and	  40%	  odds	  that	  
a	  winter	  will	  be	  as	  good	  or	  better	  than	  the	  most	  recent	  light	  ozone	  season,	  2011-‐12.	  	  The	  remaining	  33%	  
falls	  somewhere	  between	  these	  extremes.	  	  
	  
The	  model	  does	  not	  include	  the	  effects	  of	  cloud	  cover.	  	  Occasionally,	  the	  Basin	  experiences	  extended	  
periods	  of	  inversions	  combined	  with	  fog	  or	  a	  low	  ceiling.	  	  No	  ozone	  measurements	  have	  ever	  been	  made	  
under	  such	  conditions,	  but	  it	  is	  quite	  plausible	  that	  cloud	  cover	  blocks	  enough	  sunlight	  to	  prevent	  
significant	  ozone	  production,	  which	  would	  mean	  that	  the	  estimates	  for	  ozone	  production	  cited	  in	  the	  
previous	  paragraph	  may	  be	  high.	  	  Once	  we	  obtain	  ozone	  data	  during	  such	  conditions	  we	  can	  adjust	  the	  
predictions	  of	  the	  model.	  	  
	  
One	  important	  question	  is	  the	  occurrence	  of	  multi-‐year	  trends.	  	  In	  other	  words,	  if	  one	  season	  is	  either	  
bad	  or	  good	  for	  inversions,	  snow	  cover,	  or	  ozone,	  is	  there	  a	  heightened	  probability	  that	  the	  succeeding	  
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year	  will	  follow	  suit?	  	  The	  data	  indicate	  that	  if	  multi-‐year	  trends	  occur,	  the	  effect	  is	  not	  strong.	  	  We	  find	  
that	  the	  distribution	  of	  high	  and	  low	  years	  is	  consistent	  with	  a	  random	  sequence.	  
	  
The	  model	  also	  indicates	  that	  ozone	  levels	  are	  temperature-‐sensitive.	  	  With	  deep	  snow	  cover	  and	  with	  
all	  other	  variables	  being	  equal,	  the	  model	  indicates	  that	  ozone	  concentration	  drops	  by	  about	  1	  ppb	  for	  
every	  1	  °C	  drop	  in	  the	  temperature.	  	  This	  indicates	  a	  potential	  problem	  with	  modeling	  of	  winter	  ozone	  
events	  that	  we	  first	  raised	  last	  year	  [Martin,	  et	  al,	  2011;	  pp.	  81-‐95].	  	  Existing	  chemistry	  models,	  which	  
were	  designed	  with	  summer	  ozone	  in	  mind,	  may	  not	  have	  the	  proper	  temperature	  dependence	  to	  
adequately	  represent	  winter	  ozone	  formation.	  	  	  
	  


INTRODUCTION	  
Tropospheric	  ozone	  is	  produced	  by	  the	  action	  of	  solar	  radiation	  on	  ozone	  precursors.	  	  These	  conditions	  
occur	  during	  the	  wintertime	  in	  the	  UGRB	  and	  the	  Uintah	  Basin	  because	  of	  (1)	  multi-‐day	  wintertime	  
thermal	  inversions	  that	  facilitate	  the	  build-‐up	  of	  precursor	  concentrations,	  and	  (2)	  snow	  cover	  whose	  
reflectivity	  intensifies	  the	  available	  solar	  radiation.	  	  	  	  
	  
A	  thermal	  inversion	  is	  defined	  as	  the	  condition	  in	  which	  the	  air	  temperature	  increases	  with	  elevation.	  	  In	  
most	  temperate	  regions	  worldwide,	  inversions	  are	  established	  over	  night	  when	  a	  layer	  of	  cold	  air	  forms	  
at	  the	  surface.	  	  During	  the	  day,	  however,	  the	  sun	  warms	  the	  earth’s	  surface,	  which	  then	  warms	  the	  
atmosphere	  from	  the	  bottom	  up,	  leading	  to	  a	  non-‐inverted	  condition	  with	  temperature	  decreasing	  with	  
elevation	  [Seinfeld	  &	  Pandis,	  2006].	  	  This	  diurnal	  pattern	  is	  often	  disrupted	  in	  the	  winter	  in	  many	  
intermountain	  basins	  and	  valleys	  because	  solar	  heating	  is	  inadequate	  to	  warm	  the	  surface	  layer	  
[Whiteman,	  et	  al,	  2001].	  	  Several	  effects	  contribute	  to	  this	  inefficient	  heating:	  	  (1)	  the	  low	  solar	  
elevation,	  (2)	  snow	  cover	  that	  reflects	  solar	  radiation	  back	  into	  space,	  (3)	  the	  basin	  topography	  which	  
allows	  cold	  air	  to	  pool,	  and	  (4)	  cloud	  cover.	  	  As	  we	  show	  below,	  the	  Basin	  shows	  a	  strong	  correlation	  
between	  the	  presence	  of	  inversions	  and	  of	  snow	  cover,	  although	  we	  sometimes	  see	  inversion	  conditions	  
with	  little	  or	  no	  snow.	  	  	  
	  
The	  standard	  diurnal	  pattern	  in	  which	  inversions	  set	  up	  overnight	  and	  dissipate	  during	  the	  day	  provides	  
for	  good	  mixing	  of	  the	  atmosphere.	  	  When	  the	  air	  warms	  from	  the	  bottom	  up,	  convection	  cells	  are	  
established	  that	  lead	  to	  vertical	  mixing.	  	  On	  the	  other	  hand,	  when	  the	  surface	  air	  fails	  to	  warm	  
adequately,	  such	  as	  occurs	  during	  multi-‐day	  wintertime	  inversions,	  this	  mixing	  does	  not	  occur,	  and	  a	  
pool	  of	  cold	  air	  (“cold	  pooling”)	  sets	  up	  close	  to	  the	  surface	  that	  persists	  throughout	  the	  duration	  of	  the	  
inversion.	  	  Any	  pollutants	  emitted	  during	  such	  inversions	  tend	  to	  remain	  in	  the	  cold	  pool	  and	  build	  up	  
from	  one	  day	  to	  the	  next.	  	  Often,	  these	  persistent	  inversions	  remain	  in	  place	  until	  a	  storm	  front	  moves	  
through.	  
	  
The	  atmosphere	  either	  absorbs	  or	  reflects	  much	  solar	  radiation,	  decreasing	  the	  amount	  reaching	  the	  
earth’s	  surface.	  	  The	  attenuation	  of	  radiation	  is	  most	  pronounced	  in	  winter	  because	  of	  the	  longer	  path	  
length	  through	  the	  atmosphere.	  	  However,	  surface	  snow	  cover	  causes	  much	  of	  the	  radiation	  reaching	  
the	  surface	  to	  be	  reflected	  rather	  than	  absorbed,	  nearly	  doubling	  the	  amount	  of	  radiation	  available	  to	  
drive	  ozone	  formation.	  	  Calculations	  indicate	  that	  with	  snow	  cover,	  there	  is	  about	  as	  much	  solar	  energy	  
available	  in	  the	  Basin	  in	  January	  as	  there	  is	  in	  Los	  Angeles	  in	  July	  [Schnell,	  et	  al,	  2009].	  	  There	  is	  little	  
surprise,	  then,	  if	  ozone	  precursors	  are	  also	  present,	  that	  ozone	  concentrations	  reach	  values	  comparable	  
to	  Los	  Angeles.	  	  
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Conditions	  were	  favorable	  for	  ozone	  formation	  during	  winters	  2009-‐10	  and	  2010-‐11	  but	  not	  during	  
2011-‐12.	  	  2011-‐12	  was	  distinguished	  by	  the	  absence	  of	  thermal	  inversions	  and	  of	  snow	  cover.	  	  We	  
therefore	  performed	  a	  historical	  study	  examining	  the	  past	  63	  winter	  seasons	  to	  see	  how	  they	  compare,	  
in	  terms	  of	  thermal	  inversions	  and	  snow	  cover,	  with	  these	  three	  base	  years.	  	  This	  document	  presents	  
our	  results.	  
	  	  


METEOROLOGICAL	  STATIONS	  


We	  accessed	  daily	  temperature	  and	  snow	  depth	  data	  from	  19	  stations,	  listed	  in	  Table	  7-‐1	  with	  latitude,	  
longitude	  and	  elevation	  and	  shown	  in	  Figure	  7-‐1.	  	  Temperature	  and	  snow	  cover	  data	  for	  each	  station	  
were	  obtained	  from	  the	  Utah	  Climate	  Center	  [Utah	  Climate	  Center,	  2012].	  	  Each	  station	  has	  a	  descriptive	  
name,	  usually	  derived	  from	  the	  name	  of	  a	  nearby	  town.	  	  For	  example	  “MAESER	  9NW”	  is	  located	  nine	  
miles	  northwest	  of	  the	  town	  of	  Maeser.	  	  Not	  every	  station	  was	  in	  operation	  or	  reported	  a	  temperature	  
or	  a	  snow	  depth	  for	  every	  single	  day	  during	  the	  study	  period,	  but	  usually	  on	  any	  given	  date,	  there	  were	  
around	  a	  half-‐dozen	  to	  a	  dozen	  reporting	  stations.	  	  The	  stations	  range	  in	  elevation	  from	  about	  1400	  m	  
(Ouray	  and	  Jensen)	  to	  over	  1900	  m	  (Altamont).	  	  Sites	  were	  selected	  to	  achieve	  a	  broad	  distribution	  both	  
geographically	  and	  by	  altitude.	  	  Each	  date	  between	  January	  01,	  1950	  and	  February	  29,	  2012	  was	  
included.	  
	  


Table	  7-‐1.	  	  Meteorological	  stations	  providing	  data	  for	  the	  study.	  


	   Station	  Name	   Latitude	   Longitude	   Elevation	  (m)	  


01	  	   ALTAMONT	   40.356	   –110.288	   1942	  


02	  	   DINOSAUR	  QUARRY	  AREA	   40.438	   –109.304	   1464	  
03	   DUCHESNE	   40.168	   –110.395	   1682	  
04	  	   FT	  DUCHESNE	   40.284	   –109.861	   1540	  
05	  	   JENSEN	   40.364	   –109.345	   1449	  
06	  	   MAESER	  9NW	   40.560	   –109.664	   1963	  
07	  	   MYTON	   40.194	   –110.062	   1548	  
08	  	   NAPLES	  0.8	  N	   40.441	   –109.491	   1583	  
09	  	   NEOLA	   40.418	   –110.051	   1814	  
10	  	   OURAY	  4	  NE	   40.134	   –109.642	   1422	  
11	  	   ROOSEVELT	  0.2	  WSW	   40.295	   –110.004	   1575	  
12	  	   ROOSEVELT	  1.1	  SE	   40.286	   –109.983	   1532	  
13	  	   ROOSEVELT	  RADIO	  	   40.288	   –109.959	   1528	  
14	  	   VERNAL	  1.5	  WSW	   40.446	   –109.563	   1662	  
15	   VERNAL	  2SW	  	   40.427	   –109.553	   1667	  
16	  	   VERNAL	  3.7	  WNW	   40.480	  	  	   –109.596	   1726	  
17	  	   VERNAL	  MUNICIPAL	  AP	   40.442	   –109.514	   1603	  
18	  	  	  	  	  	  	  	  	  	  	  	  	  	  VERNAL	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	   40.430	  	  	   –109.510	   1608	  
19	   DINOSAUR	  NATIONAL	  MONUMENT	   40.244	   –108.972	   1804	  
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Figure	  7-‐1.	  	  Map	  showing	  distribution	  of	  meteorological	  stations.	  Black	  squares	  are	  towns	  (D=Duchesne,	  
M=Myton,	  R=Roosevelt,	  V=Vernal,	  J=Jensen,	  A=Altamont,	  O=Ouray,	  FD=Fort	  Duchesne,	  B=Bonanza,	  
L=Lapoint,	  DC=Dinosaur,	  CO).	  	  The	  Green,	  White,	  and	  Duchesne	  rivers	  are	  shown	  in	  blue.	  	  Green	  lines	  
are	  county	  or	  state	  boundaries.	  	  Red	  dots	  are	  met	  stations	  number-‐coded	  according	  to	  Table	  7-‐1.	  	  
	  
	  


INVERSION	  AND	  SNOW	  COVER	  	  
A	  temperature	  inversion	  is	  indicated	  when	  the	  temperature	  of	  the	  atmosphere	  increases	  with	  altitude,	  
and	  is	  measured	  by	  the	  so-‐called	  lapse	  rate:	  [Seinfeld	  and	  Pandis,	  2006]	  
	  


	   Λ = −
dT
dz 	   	   	   	   	   	   	   	   	   	   (1)


	  


	  
where	  T	  represents	  temperature	  and	  z	  altitude.	  	  By	  this	  definition,	  a	  negative	  lapse	  rate	  indicates	  a	  
temperature	  inversion.	  	  Lapse	  rates	  are	  usually	  determined	  by	  sonde	  measurements,	  which	  are	  not	  
available	  for	  the	  time	  period	  of	  this	  study.	  	  Therefore,	  we	  developed	  the	  following	  approach	  to	  arrive	  at	  
a	  daily	  lapse	  rate	  for	  the	  Basin	  as	  a	  whole.	  	  For	  any	  given	  date,	  we	  construct	  a	  least-‐squares	  linear	  
correlation	  between	  maximum	  daily	  temperature	  and	  altitude,	  employing	  data	  from	  all	  stations	  
reporting	  a	  maximum	  temperature	  for	  the	  day.	  	  The	  lapse	  rate	  for	  any	  given	  day	  is	  defined	  operationally	  
as	  the	  negative	  of	  the	  slope	  of	  the	  correlation	  line.	  	  Figure	  7-‐2	  shows	  the	  linear	  correlations	  for	  four	  
selected	  days.	  	  	  
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Figure	  7-‐2.	  	  Temperature	  vs.	  altitude	  for	  four	  sample	  days.	  	  Each	  point	  in	  the	  figure	  is	  labeled	  with	  the	  
number	  of	  the	  station.	  	  The	  slope	  is	  negative	  on	  typical	  summer	  days,	  but	  positive	  for	  winter	  days	  with	  
inversions.	  	  The	  numerical	  value	  of	  the	  daily	  lapse	  rate	  determined	  in	  this	  way	  (Γ;	  units	  are	  K/km)	  and	  
the	  r2	  correlation	  coefficients	  are	  also	  displayed.	  
	  
Figure	  7-‐3	  illustrates	  seasonal	  trends	  in	  the	  lapse	  rate	  for	  a	  few	  selected	  years.	  	  Each	  one	  shows	  the	  daily	  
lapse	  rate	  from	  July	  1	  to	  June	  30.	  	  Inversions	  are	  indicated	  whenever	  the	  lapse	  rate	  goes	  negative,	  which	  
occurs	  almost	  exclusively	  in	  winter.	  	  Winter	  2005-‐06	  is	  typical	  of	  a	  low-‐inversion	  season,	  while	  the	  other	  
three	  seasons	  displayed	  more	  inversion	  events.	  	  Lapse	  rate	  data	  for	  all	  63	  years	  of	  the	  study	  will	  be	  
provided	  upon	  request.	  	  Figure	  7-‐4	  shows	  the	  average	  lapse	  rate	  for	  all	  days	  of	  the	  year.	  	  The	  seasonal	  
trend	  in	  lapse	  rate	  is	  obvious,	  and	  we	  also	  observe	  that	  the	  standard	  deviation	  in	  the	  lapse	  rate	  is	  larger	  
in	  winter.	  	  	  
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Figure	  7-‐3.	  	  Time	  series	  of	  lapse	  rates	  for	  selected	  years.	  	  Negative	  lapse	  rates	  indicate	  inversions.	  


	  
	  
Figure	  7-‐4	  shows,	  for	  any	  given	  date	  throughout	  the	  calendar	  year,	  the	  average	  lapse	  rate	  in	  red	  and	  the	  
average	  plus	  or	  minus	  one	  standard	  deviation	  in	  green.	  	  The	  seasonal	  trend	  in	  lapse	  rate	  is	  obvious,	  and	  
we	  also	  observe	  that	  the	  standard	  deviation	  in	  the	  lapse	  rate	  is	  larger	  in	  winter.	  	  The	  black	  curve	  is	  a	  
low-‐pass	  filtered	  Fourier	  representation	  of	  the	  lapse	  rate	  data	  (see	  note	  1).	  
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Figure	  7-‐4.	  	  Average	  lapse	  rate	  for	  all	  days	  of	  the	  year.	  	  The	  average	  lapse	  rate	  is	  in	  red	  and	  the	  average	  
plus	  or	  minus	  one	  standard	  deviation	  is	  in	  green.	  	  The	  black	  curve	  is	  a	  low-‐pass	  filtered	  Fourier	  
representation	  of	  the	  lapse	  rate	  data	  (see	  Note	  1).	  
	  
The	  19	  stations	  mentioned	  above	  also	  report	  snow	  depths.	  	  For	  the	  most	  part,	  all	  entries	  are	  rounded	  to	  
the	  nearest	  inch.	  	  This	  is	  true	  even	  when	  the	  station	  reports	  depths	  in	  mm.	  	  For	  example,	  we	  find	  entries	  
of	  25	  mm	  (=	  1	  inch)	  or	  of	  51	  mm	  (=	  2	  inches),	  but	  usually	  nothing	  in	  between.	  	  Other	  common	  entries	  
are	  “M,”	  (missing)	  and	  “T”	  (trace).	  	  	  
	  
There	  are	  questions	  about	  the	  quality	  of	  the	  snow	  depth	  data.	  	  For	  example,	  we	  find	  days	  for	  which	  one	  
station	  reports	  a	  snow	  depth	  of	  0	  while	  all	  others	  report	  ample	  snow.	  	  For	  over	  600	  consecutive	  days	  
(summer	  and	  winter)	  in	  2005	  and	  2006,	  the	  Vernal	  station	  reports	  depths	  of	  exactly	  1000	  in.	  	  (We	  
interpret	  that	  as	  equivalent	  to	  “missing.”)	  	  	  
	  
For	  every	  day	  in	  the	  study	  period	  (01/01/1950	  -‐	  02/29/2012)	  we	  calculated	  an	  average	  snow	  depth	  by	  
averaging	  over	  all	  stations	  reporting	  a	  depth,	  interpreting	  “T”	  (trace)	  as	  10	  mm.	  	  However,	  because	  of	  
the	  uncertainties	  mentioned	  above	  in	  the	  quality	  of	  the	  data,	  we	  also	  rejected	  any	  measurement	  that	  
fell	  more	  than	  2	  standard	  deviations	  away	  from	  the	  mean	  for	  the	  day.	  	  After	  that	  rejection,	  a	  new	  mean	  
was	  calculated.	  	  In	  what	  follows,	  we	  apply	  the	  operational	  definition	  that	  a	  day	  with	  snow	  cover	  means	  a	  
day	  for	  which	  the	  mean	  snow	  depth	  is	  greater	  than	  50	  mm.	  	  	  
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Figure	  7-‐5	  gives	  snow	  depth	  results	  obtained	  in	  this	  way	  for	  four	  selected	  years,	  and	  Figure	  7-‐6	  shows	  
average	  snow	  depth	  for	  any	  given	  day	  of	  the	  year.	  	  1972-‐73	  is	  one	  of	  the	  heavier	  snow	  seasons,	  while	  
1962-‐63	  and	  2011-‐12	  are	  among	  the	  lightest.	  	  Almost	  one	  quarter	  of	  winters	  have	  snow	  as	  light	  as	  2011-‐
12.	  	  Figure	  7-‐6	  shows	  the	  mean	  snow	  depth	  for	  each	  day	  of	  the	  year.	  	  	  
	  


	  
	  


	  	  	  	  	  	  	  	   	  
Figure	  7-‐5.	  	  Time	  series	  of	  average	  snow	  depth	  in	  the	  Basin	  for	  selected	  years.	  
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Figure	  7-‐6.	  	  Average	  snow	  depth	  for	  each	  day	  of	  the	  year.	  	  The	  red	  curve	  represents	  the	  average	  snow	  
depth	  and	  the	  green	  curves	  display	  the	  average	  plus	  or	  minus	  one	  standard	  deviation.	  
	  
	  
Figure	  7-‐7	  shows	  the	  overlap	  in	  probability	  that	  a	  given	  day	  of	  the	  year	  will	  have	  snow	  cover	  or	  
inversions.	  	  Interestingly,	  the	  data	  can	  be	  well	  represented	  by	  Gaussian	  distributions.	  	  The	  distributions	  
all	  peak	  in	  January	  at	  probabilities	  of	  approximately	  50%	  or	  60%	  and	  have	  standard	  deviations	  of	  about	  
30	  days.	  	  These	  curves	  indicate	  that	  the	  odds	  approach	  50%	  of	  finding	  a	  day	  in	  mid-‐January	  that	  has	  
both	  a	  negative	  lapse	  rate	  and	  for	  which	  the	  mean	  snow	  depth	  is	  greater	  than	  50	  mm	  (See	  also	  note	  1).	  
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Figure	  7-‐7.	  	  Probability	  that	  a	  given	  day	  of	  the	  year	  will	  display	  an	  inversion	  (blue),	  have	  snow	  cover	  
(red),	  or	  have	  both	  an	  inversion	  and	  snow	  cover	  (green).	  	  The	  jagged	  lines	  represent	  actual	  values,	  and	  
the	  thick,	  smoothed	  lines	  represent	  Gaussian	  distributions.	  
	  


	  


SNOW	  COVER/INVERSION	  CORRELATIONS	  AND	  LONG-‐RANGE	  TRENDS	  	  
Column	  2	  of	  Table	  7-‐2	  gives	  the	  total	  number	  of	  days	  with	  inversions	  in	  each	  of	  54	  consecutive	  winter	  
seasons,	  where	  we	  have	  included	  contributions	  from	  all	  days	  between	  December	  1	  and	  March	  31.	  (Gaps	  
in	  the	  data	  prevent	  us	  from	  compiling	  a	  list	  of	  consecutive	  seasons	  that	  includes	  all	  63	  years.)	  	  Column	  4	  
gives	  the	  total	  number	  of	  days	  for	  which	  the	  average	  snow	  depth	  exceeded	  50	  mm.	  	  The	  average	  
number	  of	  days	  per	  year	  with	  inversions	  is	  41.2	  days,	  while	  the	  average	  number	  of	  days	  with	  50	  mm	  or	  
more	  of	  snow	  cover	  is	  47.6.	  	  The	  third	  column	  reports	  whether	  the	  number	  of	  days	  with	  inversions	  in	  
any	  given	  season	  is	  higher	  (1)	  or	  lower	  (0)	  than	  the	  median	  of	  38.5	  days.	  	  The	  fifth	  column	  reports	  
whether	  the	  number	  of	  days	  with	  snow	  cover	  is	  higher	  or	  lower	  than	  the	  median	  of	  51.5	  days.	  
	  
Table	  7-‐2	  indicates	  a	  strong	  correlation	  between	  inversions	  and	  snow	  cover.	  	  With	  only	  six	  exceptions,	  a	  
high	  or	  low	  inversion	  year	  is	  also	  a	  high	  or	  low	  snow	  year.	  	  (We	  are	  in	  the	  process	  of	  studying	  snow	  
cover/inversion	  correlations	  in	  a	  number	  of	  other	  intermountain	  basins.	  	  Although	  this	  study	  is	  
incomplete,	  we	  find	  that	  snow	  cover/inversion	  correlations	  are	  exceptionally	  strong	  in	  the	  Basin.)	  
	  
The	  trends	  in	  Table	  7-‐2	  suggest	  that	  the	  occurrence	  of	  high	  and	  low	  years	  might	  be	  non-‐random.	  	  For	  
example,	  we	  observe	  a	  grouping	  of	  low	  years	  from	  1993	  to	  2000,	  and	  of	  high	  years	  from	  2006	  to	  2010.	  	  
However,	  such	  trends	  can	  be	  misleading.	  	  The	  sequence	  of	  highs	  and	  lows	  may	  in	  fact	  be	  random.	  	  
(Athletes	  in	  a	  “winning	  streak”	  tend	  to	  believe	  the	  outcome	  of	  the	  next	  game	  is	  biased	  in	  their	  favor,	  
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when	  in	  fact,	  random	  sequences	  also	  produce	  streaks.)	  	  We	  applied	  the	  following	  test	  for	  non-‐
randomness	  in	  the	  sequence	  of	  high	  and	  low	  inversion	  and	  snow	  years.	  	  In	  each	  sequence	  there	  are	  27	  
zeros	  and	  27	  ones.	  	  The	  inversion	  sequence	  displays	  21	  reversals,	  i.e.,	  a	  pair	  of	  consecutive	  seasons	  
when	  the	  sequence	  switches	  from	  0	  to	  1	  or	  from	  1	  to	  0.	  	  The	  snow	  sequence	  displays	  25	  reversals.	  	  A	  
highly	  non-‐random	  process	  in	  which	  the	  outcome	  of	  one	  season	  influences	  the	  outcome	  of	  the	  following	  
season	  would	  produce	  a	  very	  small	  number	  of	  reversals.	  	  So	  one	  way	  of	  framing	  the	  question	  of	  
randomness	  is	  to	  consider	  a	  thought	  experiment:	  	  Place	  27	  tiles	  labeled	  0	  and	  27	  labeled	  1	  in	  a	  bag,	  and	  
draw	  them	  out	  of	  the	  bag	  at	  random.	  	  What	  is	  the	  probability	  that	  the	  resulting	  sequence	  will	  have	  
either	  21	  or	  fewer	  reversals	  or	  25	  or	  fewer?	  	  One	  way	  to	  obtain	  the	  probability	  is	  through	  Monte	  Carlo	  
computer	  simulation;	  we	  effectively	  simulate	  millions	  of	  independent	  instances	  of	  the	  tiles-‐in-‐a-‐bag	  
experiment.	  	  The	  result	  is	  that	  the	  odds	  of	  drawing	  21	  or	  fewer	  reversals	  are	  6.5%,	  while	  the	  odds	  of	  
producing	  25	  or	  fewer	  reversals	  are	  34.1%.	  	  6.5%	  might	  be	  considered	  borderline	  for	  weak	  non-‐
randomness,	  but	  not	  34.1%.	  	  And	  because	  the	  two	  sequences	  are	  correlated,	  we	  must	  weigh	  both	  
results	  in	  making	  our	  determination.	  	  The	  long	  sequence	  of	  low	  years	  in	  the	  1990s	  notwithstanding,	  the	  
sequence	  of	  high	  and	  low	  inversion	  years	  is	  probably	  random.	  	  The	  outcome	  of	  one	  season	  has	  at	  most	  
only	  a	  weak	  influence	  on	  the	  outcome	  of	  the	  following	  season.	  
	  
It	  has	  been	  suggested	  that	  the	  pattern	  of	  inversions	  in	  the	  Basin	  is	  influenced	  by	  the	  North	  Atlantic	  
Oscillation,	  or	  some	  other	  global	  oscillation.	  	  Our	  results	  do	  not	  entirely	  preclude	  such	  a	  possibility,	  as	  
long	  as	  the	  typical	  oscillation	  time	  is	  not	  much	  longer	  than	  a	  single	  year.	  	  
	  


Table	  7-‐2.	  	  Statistics	  on	  days	  with	  inversions	  and	  snow	  cover.	  


Season	   Days	  with	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  
LR	  <	  0	  


Higher	  (1)	  or	  lower	  (0)	  
than	  median	  


Days	  with	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  
SD	  >	  50	  mm	  


Higher	  (1)	  or	  lower	  (0)	  
than	  median	  


1957-‐58	   10	   0	   2	   0	  


1958-‐59	   20	   0	   10	   0	  


1959-‐60	   58	   1	   77	   1	  


1960-‐61	   6	   0	   1	   0	  


1961-‐62	   37	   0	   38	   0	  


1962-‐63	   22	   0	   0	   0	  


1963-‐64	   22	   0	   0	   0	  


1964-‐65	   61	   1	   109	   1	  


1965-‐66	   31	   0	   4	   0	  


1966-‐67	   85	   1	   86	   1	  


1967-‐68	   68	   1	   91	   1	  


1968-‐69	   57	   1	   67	   1	  


1969-‐70	   38	   0	   34	   0	  


1970-‐71	   19	   0	   16	   0	  


1971-‐72	   17	   0	   16	   0	  


1972-‐73	   79	   1	   105	   1	  


1973-‐74	   70	   1	   68	   1	  


1974-‐75	   27	   0	   50	   0	  







CRD/13-‐320.32	   2012	  Uintah	  Basin	  Winter	  Ozone	  &	  Air	  Quality	  Study	   263	  	  


1975-‐76	   62	   1	   58	   1	  


1976-‐77	   15	   0	   2	   0	  


1977-‐78	   51	   1	   62	   1	  


1978-‐79	   98	   1	   106	   1	  


1979-‐80	   39	   1	   63	   1	  


1980-‐81	   13	   0	   0	   0	  


1981-‐82	   29	   0	   53	   1	  


1982-‐83	   56	   1	   71	   1	  


1983-‐84	   94	   1	   111	   1	  


1984-‐85	   91	   1	   99	   1	  


1985-‐86	   60	   1	   76	   1	  


1986-‐87	   11	   0	   8	   0	  


1987-‐88	   60	   1	   69	   1	  


1988-‐89	   42	   1	   74	   1	  


1989-‐90	   22	   0	   17	   0	  


1990-‐91	   55	   1	   59	   1	  


1991-‐92	   42	   1	   40	   0	  


1992-‐93	   60	   1	   90	   1	  


1993-‐94	   9	   0	   1	   0	  


1994-‐95	   10	   0	   2	   0	  


1995-‐96	   16	   0	   23	   0	  


1996-‐97	   38	   0	   63	   1	  


1997-‐98	   17	   0	   40	   0	  


1998-‐99	   32	   0	   14	   0	  


1999-‐00	   18	   0	   0	   0	  


2000-‐01	   6	   0	   17	   0	  


2001-‐02	   40	   1	   30	   0	  


2002-‐03	   56	   1	   48	   0	  


2003-‐04	   34	   0	   64	   1	  


2004-‐05	   15	   0	   27	   0	  


2005-‐06	   8	   0	   9	   0	  


2006-‐07	   51	   1	   56	   1	  


2007-‐08	   85	   1	   105	   1	  


2008-‐09	   46	   1	   63	   1	  


2009-‐10	   74	   1	   94	   1	  


2010-‐11	   44	   1	   81	   1	  


MEAN	   41.2	   MEAN	   47.6	   	  
MEDIAN	   38.5	   MEDIAN	   51.5	   	  
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ACTINIC	  FLUX	  


Figure	  7-‐7	  indicates	  that,	  when	  averaged	  over	  many	  years,	  there	  are	  as	  many	  inversions	  before	  mid-‐
January	  as	  after.	  	  This	  is	  somewhat	  surprising	  because	  our	  experience,	  both	  in	  the	  UGRB	  and	  the	  Basin,	  
is	  that	  ozone	  events	  are	  more	  likely	  from	  about	  mid-‐January	  until	  the	  snow	  melts	  than	  they	  are	  before	  
mid-‐January.	  	  The	  most	  likely	  explanation	  becomes	  obvious	  from	  Figure	  7-‐8,	  which	  shows	  the	  actinic	  flux	  
(the	  amount	  of	  solar	  energy	  available	  to	  power	  photochemistry)	  as	  a	  function	  of	  time	  of	  year.	  
	  


	  
Figure	  7-‐8.	  	  Midday	  actinic	  flux	  at	  wavelength	  of	  325	  nm.	  	  The	  grey	  line	  labeled	  with	  an	  actinic	  flux	  of	  
1.52	  shows	  that	  the	  flux	  during	  the	  summer	  solstice	  in	  Los	  Angeles	  is	  similar	  to	  the	  flux	  during	  the	  winter	  
solstice	  in	  the	  Basin	  with	  snow	  cover.	  
	  
These	  curves	  were	  adapted	  from	  the	  actinic	  flux	  tables	  and	  solar	  zenith	  angle	  formulas	  published	  in	  
Finlayson-‐Pitts	  and	  Pitts	  [2000]	  (see	  their	  Tables	  3.7	  and	  3.11,	  and	  discussion	  on	  page	  65),	  in	  which	  it	  is	  
assumed	  that	  the	  albedo	  is	  80%	  (Table	  3.11)	  with	  snow,	  and	  5%	  (Table	  3.7)	  without.	  	  Of	  course,	  the	  
actinic	  flux	  depends	  on	  wavelength,	  and	  ozone	  production	  responds	  to	  wavelength	  in	  a	  complex	  way.	  	  
Because	  Figure	  7-‐8	  only	  shows	  the	  flux	  at	  325	  nm,	  it	  does	  not	  give	  a	  complete	  picture	  of	  the	  energy	  
available	  for	  ozone	  production.	  	  Nevertheless,	  note	  that	  the	  actinic	  flux	  is	  at	  its	  lowest	  at	  the	  winter	  
solstice,	  December	  21,	  and	  increases	  steadily	  until	  the	  snow	  melts.	  	  Because	  the	  sun	  continues	  to	  climb	  
higher	  in	  the	  sky,	  inversions	  occurring	  near	  the	  peak	  of	  the	  bell-‐curve	  in	  Figure	  7-‐7,	  that	  is	  in	  mid-‐
January,	  have	  less	  available	  solar	  energy	  than	  in	  February,	  and	  therefore	  are	  less	  effective	  ozone-‐
producers.	  	  This	  diagram	  also	  highlights	  the	  role	  of	  snow	  cover:	  	  Note	  that	  the	  actinic	  flux	  in	  the	  Basin	  at	  
the	  winter	  solstice	  with	  snow	  cover	  is	  very	  nearly	  the	  same	  as	  that	  in	  Los	  Angeles	  at	  the	  summer	  solstice	  
without	  snow	  cover.	  
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OZONE/LAPSE	  RATE	  CORRELATION	  
Figures	  7-‐9	  through	  7-‐11	  give	  daily	  ozone	  concentrations	  at	  Ouray	  and	  daily	  lapse	  rate	  values	  for	  three	  
winters	  for	  which	  ozone	  concentration	  data	  are	  available.	  	  Immediately	  obvious	  is	  the	  lack	  of	  significant	  
ozone	  or	  inversion	  events	  in	  2012.	  	  Ozone	  stayed	  near	  40	  or	  50	  ppb	  for	  the	  entire	  winter.	  	  Correlations	  
between	  lapse	  rate	  and	  ozone	  can	  be	  seen	  for	  the	  other	  two	  winters,	  but	  we	  also	  note	  that	  inversions	  in	  
December	  are	  less	  likely	  to	  produce	  significant	  ozone	  than	  those	  in	  February.	  	  The	  probable	  explanation,	  
as	  mentioned	  above,	  is	  that	  solar	  intensity	  is	  too	  weak	  in	  early	  winter	  to	  stimulate	  much	  ozone.	  	  
February	  and	  March	  of	  both	  years	  show	  several	  ozone	  events	  although	  the	  lapse	  rate	  is	  already	  trending	  
positive.	  	  Lapse	  rates	  based	  on	  potential	  temperature	  (Note	  2),	  since	  they	  are	  stronger	  indicators	  of	  
actual	  atmospheric	  stability,	  would	  probably	  be	  a	  better	  predictor	  of	  ozone	  formation.	  	  Positive	  lapse	  
rates,	  below	  about	  10	  K/km,	  still	  indicate	  stable	  atmospheric	  conditions	  [Seinfeld	  and	  Pandis,	  p.	  730].	  


	  


	  
Figure	  7-‐9.	  	  Time	  series	  of	  daily	  ozone	  concentrations	  at	  Ouray	  (the	  daily	  maximum	  of	  the	  hourly	  
average)	  and	  daily	  lapse	  rate	  values	  for	  2009-‐10.	  	  Ozone	  concentrations	  appear	  in	  red	  and	  lapse	  rates	  in	  
blue.	  	  The	  red	  horizontal	  line	  marks	  the	  75	  ppb	  ozone	  level.	  	  The	  horizontal	  blue	  line	  marks	  the	  zero	  
lapse	  rate	  level,	  so	  it	  divides	  inverted	  from	  non-‐inverted	  days.	  
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Figure	  7-‐10.	  	  Time	  series	  of	  daily	  ozone	  concentrations	  at	  Ouray	  (the	  daily	  maximum	  of	  the	  hourly	  
average)	  and	  daily	  lapse	  rate	  values	  for	  2010-‐11.	  
	  


	  
Figure	  7-‐11.	  	  Time	  series	  of	  daily	  ozone	  concentrations	  at	  Ouray	  (the	  daily	  maximum	  of	  the	  hourly	  
average)	  and	  daily	  lapse	  rate	  values	  for	  2011-‐12.	  	  	  
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MULTIVARIATE	  REGRESSION	  ANALYSIS	  (PREDICTION	  OF	  OZONE	  POTENTIAL)	  
Monitoring	  of	  winter	  ozone	  began	  only	  recently	  in	  the	  Basin.	  	  One	  of	  the	  goals	  of	  the	  study	  reported	  
here	  is	  to	  estimate	  ozone	  production	  in	  years	  prior	  to	  the	  beginning	  of	  measurements	  as	  well	  as	  to	  
project	  future	  ozone	  trends.	  	  We	  developed	  a	  quadratic	  least-‐squares	  regression	  model	  in	  order	  to	  
estimate	  the	  ozone	  potential	  for	  any	  given	  winter	  day.	  	  The	  model	  was	  first	  “calibrated”	  with	  the	  three	  
winters	  for	  which	  ozone	  data	  are	  available	  and	  then	  used	  to	  predict	  ozone	  levels	  on	  any	  other	  day.	  	  The	  
current	  version	  of	  the	  model	  employs	  five	  independent	  variables:	  


• x1j	   Daily	  lapse	  rate	  (LR),	  calculated	  as	  explained	  above	  from	  the	  least-‐squares	  fit	  to	  the	  
temperature-‐elevation	  plot.	  	  Units	  are	  K/km.	  	  With	  this	  and	  all	  subsequent	  variables,	  
the	  second	  subscript,	  “j,”	  denotes	  the	  j-‐th	  day	  in	  the	  time	  series.	  


• x2j	   Daily	  mean	  snow	  depth	  (SD),	  in	  mm,	  averaged	  over	  all	  reporting	  stations	  as	  explained	  
above.	  	  


• x3j	   The	  “basin	  temperature”	  or	  “temperature	  at	  1400	  m”	  	  (T1400).	  	  Figure	  7-‐2	  introduced	  
the	  least-‐squares	  fit	  to	  the	  daily	  temperature-‐elevation	  plot.	  	  The	  variable	  x3j	  is	  defined	  
as	  the	  intercept	  of	  the	  least-‐squares	  fit	  at	  1400	  m.	  	  Units	  are	  °C.	  	  


• x4j	   Daily	  noon-‐day	  solar	  zenith	  angle	  (SA).	  	  Units	  are	  degrees,	  with	  0°	  for	  the	  sun	  at	  the	  
zenith,	  and	  90°	  for	  the	  sun	  at	  the	  horizon.	  	  It	  is	  calculated	  for	  any	  given	  day	  using	  
formulas	  in	  Finlayson-‐Pitts	  and	  Pitts.	  [2000]	  


• x5j	   Number	  of	  days	  since	  the	  beginning	  of	  a	  multi-‐day	  inversion	  event,	  or	  consecutive	  days	  
in	  an	  inversion	  (CDI).	  	  The	  precise	  definition	  is:	   for	  any	  day	  that	  the	  lapse	  rate	  


(x3j)	  is	  positive.	  	   	  if	  today’s	  lapse	  rate	  is	  negative	  while	  yesterday’s	  is	  positive.	  	  If	  


both	  days	  have	  negative	  lapse	  rate,	  then	   .	  	  Units	  are	  days.	  	  x5j	  is	  used	  by	  


the	  model	  to	  account	  for	  the	  build-‐up	  of	  precursors	  in	  a	  multi-‐day	  inversion.	  	  Typical	  
values	  range	  from	  0	  to	  about	  10,	  although	  one	  extremely	  persistent	  inversion	  drove	  x5j	  
up	  to	  43	  days	  on	  20	  Jan	  2010.	  


The	  model	  has	  one	  dependent	  variable:	  


• yj	   Daily	  maximum	  in	  the	  eight-‐hour	  average	  ozone	  concentration	  (acronym:	  O8O,	  8-‐hr	  
ozone	  at	  Ouray).	  	  Ozone	  data	  from	  the	  EPA	  station	  at	  Ouray	  was	  selected	  for	  this	  study	  
since	  these	  data	  will	  probably	  be	  used	  in	  future	  regulation	  or	  policy	  decisions.	  	  Units	  
are	  ppb.	  	  In	  what	  follows,	  we	  let	   	  represent	  the	  ozone	  concentration	  as	  actually	  


measured	  at	  the	  site,	  and	  we	  let	   represent	  the	  prediction	  of	  the	  model	  for	  ozone	  


concentration.	  


	  


The	  predictive	  model	  includes	  polynomial	  terms	  through	  quadratic:	  


yj = A + Bαxα j
α=1


5


∑ + Cαβxα j xβ j
β=α


5


∑
α=1


5


∑
	   	   	   	   	   	   (2)


	  


x5 j = 0
x5 j =1


x5 j = x5, j−1 +1


yj


yj
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It	  is	  very	  common	  in	  statistical	  studies	  to	  do	  linear	  regressions,	  i.e.,	  models	  in	  which	  the	  Cαβ	  terms	  are	  
absent.	  	  This	  model	  is	  a	  quadratic	  regression.	  	  Inclusion	  of	  quadratic	  terms	  should	  increase	  the	  
effectiveness	  of	  the	  model.	  	  For	  example,	  quadratic	  terms	  allow	  two	  variables	  to	  exercise	  a	  synergistic	  
effect.	  


In	  the	  above	  as	  well	  as	  in	  what	  follows,	  we	  use	  Greek	  indexes	  as	  labels	  to	  represent	  one	  of	  the	  five	  
independent	  variables,	  and	  Roman	  indexes	  to	  represent	  a	  particular	  day.	  	  The	  coefficients	  A,	  Bα,	  and	  Cαβ	  
were	  selected	  to	  minimize	  


	  
	   	   	   	   	   	   	   	   	   (3)	  


where	  the	  sum	  extends	  over	  all	  days	  in	  the	  “calibration	  set,”	  or	  the	  set	  of	  days	  for	  which	  ozone	  data	  
were	  procured	  and	  used	  to	  calibrate	  the	  model.	  	  It	  consists	  of	  the	  following	  239	  days	  in	  three	  
consecutive	  winter	  seasons:	  	  16	  Dec	  2009	  to	  15	  Mar	  2010,	  16	  Dec	  2010	  to	  14	  Mar	  2011,	  and	  01	  Jan	  2012	  
to	  29	  Feb	  2012.	  	  It	  is	  fortunate	  that	  the	  calibration	  set	  contains	  both	  heavy	  and	  light	  ozone	  seasons,	  as	  
that	  increases	  the	  likelihood	  that	  the	  final	  model	  can	  adequately	  represent	  each	  extreme.	  


Table	  7-‐3	  displays	  means,	  standard	  deviations,	  minima,	  and	  maxima	  taken	  over	  the	  239	  days	  in	  the	  
calibration	  set	  for	  each	  of	  the	  variables.	  


Table	  7-‐3.	  	  Statistics	  of	  the	  input	  variables.	  


VARIABLE	   Mean	  ±	  Std.	  Dev.	   Min,	  Max	   Units	  


x1,	  LR	   –0.46	  ±	  7.8	   –20.85,	  14.45	   K/km	  


x2,	  SD	   149	  ±	  105	   0,	  370	   mm	  


x3,	  T1400	   –0.7	  ±	  7.2	   –18.1,	  14.1	   °C	  


x4,	  SA	   56.5	  ±	  6.2	   42.3,	  63.7	   °	  


x5,	  CDI	   4.9	  ±	  9.8	   0,	  43	   days	  


y,	  O8O	   63.8	  ±	  25.5	   21.0,	  139.1	   ppb	  
	  


Because	  the	  model	  is	  linear	  in	  the	  21	  coefficients	  A,	  Bα,	  Cαβ,	  optimal	  values	  of	  the	  coefficients	  can	  be	  
determined	  by	  solving	  a	  system	  of	  21	  linear	  equations.	  	  Table	  7-‐4	  displays	  the	  model	  parameters	  so	  
obtained.	  


	  


	  


	  


	  


	  


yj − yj( )
2


j
∑
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Table	  7-‐4.	  	  Coefficients	  of	  the	  predictive	  model.	  


A	   202	   ppb	  


B1	   –9.21	   ppb	  km/K	  


B2	   0.609	   ppb/mm	  


B3	   2.81	   ppb/(°C)	  


B4	   –4.62	   ppb/(°)	  


B5	   9.96	   ppb/day	  


C11	   –0.00405	   ppb	  km2/K2	  


C12	   –0.00324	   ppb	  km/mm	  K	  


C13	   0.0857	   ppb	  km/(°C)	  K	  


C14	   0.157	   ppb	  km/(°)	  K	  


C15	   –0.0291	   ppb	  km/day	  K	  


C22	   –0.000491	   ppb/mm2	  


C23	   –0.00975	   ppb/mm	  (°C)	  


C24	   –0.00586	   ppb/(°)	  mm	  


C25	   –0.00830	   ppb/mm	  day	  


C33	   –0.131	   ppb/(°C)2	  


C34	   –0.0229	   ppb/(°)(°C)	  


C35	   0.0850	   ppb/(°C)	  day	  


C44	   0.0291	   ppb/(°)2	  


C45	   –0.106	   ppb/(°)	  day	  


C55	   –0.0176	   ppb/day2	  
	  


Figure	  7-‐12	  summarizes	  the	  agreement	  between	  actual	  ozone	  measurements	  yj	  and	  modeled	  ozone	  
values	   	  for	  each	  day	  in	  the	  calibration	  set.	  	  The	  daily	  predictions	  of	  the	  model	  fall	  within	  10	  ppb	  of	  the	  


actual	  ozone	  measurement	  about	  60%	  of	  the	  time.	  	  It	  would	  certainly	  have	  been	  nice	  to	  see	  better	  
agreement	  between	  measurements	  and	  modeled	  values,	  but	  nevertheless,	  the	  agreement	  is	  good	  
enough	  to	  generate	  a	  useful	  model.	  	  We	  note	  that	  the	  best	  agreement	  occurs	  for	  low	  ozone	  
measurements,	  below	  about	  50	  ppb.	  	  We	  also	  note	  that	  for	  measurements	  above	  90	  ppb,	  the	  actual	  
measurement	  is	  usually	  higher	  than	  the	  modeled	  value.	  	  In	  other	  words,	  the	  model	  underestimates	  
ozone	  concentration	  when	  the	  concentration	  is	  large.	  
	  


yj
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Figure	  7-‐12.	  	  Comparison	  between	  measured	  and	  modeled	  ozone	  concentrations	  at	  Ouray	  (in	  ppb).	  


	  


Because	  the	  model	  works	  best	  at	  lower	  ozone	  levels,	  we	  can	  have	  confidence	  when	  it	  predicts	  a	  low	  
value.	  	  We	  have	  less	  confidence	  in	  absolute	  predictions	  at	  higher	  levels,	  but	  because	  much	  of	  the	  error	  is	  
systematic,	  we	  can	  still	  be	  confident	  when	  it	  ranks	  the	  relative	  ozone	  severity	  of	  any	  two	  given	  years.	  


With	  the	  model	  calibrated	  using	  the	  winters	  for	  which	  data	  are	  available,	  we	  can	  then	  use	  it	  to	  estimate	  
ozone	  production	  on	  any	  other	  winter	  day.	  	  Figure	  7-‐13	  displays	  the	  average	  daily	  ozone,	  as	  predicted	  by	  
the	  model	  and	  averaged	  over	  the	  63	  winters	  of	  the	  study	  	  .	  	  According	  to	  the	  model,	  peak	  ozone	  
production	  occurs	  in	  February.	  	  	  


An	  interesting	  feature	  of	  Figure	  7-‐13	  is	  the	  peak	  appearing	  at	  the	  end	  of	  February.	  	  Upon	  close	  
inspection,	  we	  have	  found	  that	  the	  model	  occasionally	  predicts	  very	  high	  ozone	  concentrations.	  	  There	  
were	  about	  thirty	  days	  throughout	  the	  63	  years	  of	  the	  study	  when	  the	  predicted	  ozone	  was	  180	  ppb	  or	  
higher,	  with	  a	  maximum	  of	  258	  ppb	  on	  28	  February	  1952.	  	  These	  high	  predictions	  occur	  when	  at	  least	  
three	  of	  the	  following	  four	  variables	  assume	  extreme	  values:	  lapse	  rate	  (LR),	  snow	  depth	  (SD),	  solar	  
angle	  (SA),	  and	  number	  of	  consecutive	  days	  under	  inversions	  (CDI).	  	  No	  such	  extreme	  combinations	  of	  
the	  independent	  variables	  occurred	  during	  the	  three	  seasons	  of	  the	  calibration	  set,	  meaning	  that	  these	  
exceptionally	  high	  estimates	  are	  extrapolations	  of	  the	  existing	  data,	  and	  might	  easily	  be	  overestimated.	  	  
Most	  such	  days	  appear	  at	  or	  around	  March	  1	  when	  the	  sun	  is	  only	  a	  few	  weeks	  away	  from	  the	  vernal	  
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equinox,	  but	  only	  in	  years	  when	  deep	  snow	  cover	  persists	  until	  then.	  	  Enough	  of	  these	  days	  appear	  in	  
the	  dataset	  to	  cause	  the	  peak	  seen	  in	  Figure	  7-‐13.	  	  These	  may	  be	  overestimates,	  but	  we	  can	  probably	  
anticipate,	  under	  rare	  circumstances,	  significant	  ozone	  events	  even	  into	  early	  March.	  


	  


	  
Figure	  7-‐13.	  	  Time	  series	  of	  average	  predicted	  ozone	  concentrations	  at	  Ouray.	  Because	  of	  the	  smaller	  
sample	  size	  contributed	  by	  Feb.	  29,	  its	  results	  have	  been	  combined	  with	  Feb.	  28.	  
	  


Table	  7-‐5	  compares	  model	  and	  measurement	  results	  for	  2-‐month	  periods	  (January	  and	  February)	  in	  
each	  of	  the	  three	  winters	  for	  which	  ozone	  data	  are	  available.	  	  It	  reports	  the	  number	  of	  days	  found	  in	  
each	  of	  several	  different	  ozone	  categories:	  	  	  


• Category	  A,	  	  	  	  	  	  	   [O3]	  ≤	  25	  ppb;	  	  


• Category	  B,	  	   25	  ppb	  ≤	  [O3]	  <	  50	  ppb;	  


• Category	  C,	   50	  ppb	  ≤	  [O3]	  <	  75	  ppb;	  


• Category	  D,	   75	  ppb	  ≤	  [O3]	  <	  100	  ppb;	  


• Category	  E,	   [O3]	  ≥	  100	  ppb;	  
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Table	  7-‐5.	  	  Comparison	  between	  measurements	  and	  model	  predictions	  of	  ozone	  concentrations	  at	  
Ouray	  for	  the	  three	  winters	  for	  which	  ozone	  measurements	  are	  available.	  


	   	   OZONE	  CATEGORY	  


TIME	  PERIOD	   MEASUREMENT	   A	   B	   C	   D	   E	   A+B+C	   D+E	  


Jan,	  Feb	  2010	  
Prediction	   0	   0	   18	   33	   8	   18	   41	  


Actual	   0	   3	   20	   21	   15	   23	   36	  


Jan,	  Feb	  2011	  
Prediction	   0	   3	   32	   21	   3	   35	   24	  


Actual	   0	   9	   28	   15	   7	   37	   22	  


Jan,	  Feb	  2012	  
Prediction	   0	   60	   0	   0	   0	   60	   0	  


Actual	   2	   58	   0	   0	   0	   60	   0	  
	  
For	  categories	  D+E,	  days	  with	  ozone	  over	  75	  ppb,	  the	  model	  errs	  by	  five,	  two,	  and	  zero	  days,	  
respectively,	  in	  each	  of	  the	  three	  time	  periods.	  


Table	  7-‐5	  also	  highlights	  a	  point	  made	  above.	  	  Even	  though	  the	  model	  is	  only	  moderately	  accurate	  in	  
predicting	  absolute	  ozone	  production	  each	  winter,	  especially	  given	  a	  high-‐ozone	  winter,	  it	  correctly	  
ranks	  the	  three	  winters	  for	  ozone	  production.	  	  In	  general,	  we	  expect	  the	  model	  to	  be	  accurate	  for	  
determining	  relative	  ozone	  production	  between	  any	  two	  given	  years.	  


This	  predictive	  model	  lets	  us	  estimate	  the	  ozone	  severity	  for	  each	  of	  the	  55	  winters	  for	  which	  estimates	  
are	  possible.	  	  (Gaps	  in	  the	  data	  prevented	  estimates	  for	  the	  following	  seasons:	  	  1952,	  1953,	  1955,	  1956,	  
1957,	  1963,	  1968.)	  	  Table	  7-‐6	  gives	  the	  predictions	  by	  ozone	  category.	  	  It	  ranks	  each	  winter	  for	  ozone	  
production,	  with	  lighter	  years	  appearing	  at	  the	  top.	  	  (As	  already	  mentioned,	  we	  have	  confidence	  in	  the	  
ability	  of	  the	  model	  to	  determine	  relative	  rankings	  and	  are	  therefore	  confident	  in	  the	  ranking	  order	  as	  it	  
appears	  in	  Table	  7-‐6.)	  	  Each	  winter	  season	  analyzed	  in	  Table	  7-‐6	  includes	  three	  consecutive	  months,	  
December,	  January,	  and	  February.	  	  Although	  Decembers	  are	  included	  in	  the	  statistics	  of	  this	  table,	  they	  
are	  almost	  never	  predicted	  to	  produce	  ozone	  above	  75	  ppb.	  	  


Table	  7-‐6.	  	  Historical	  predictions	  of	  ozone	  production.	  


SEASON	   CATEGORY	  


	   A	   B	   C	   D	   E	   A+B+C	   D+E	  
1950-‐51	   20	   69	   1	   0	   0	   90	   0	  


1953-‐54	   1	   83	   6	   0	   0	   90	   0	  


1957-‐58	   1	   89	   0	   0	   0	   90	   0	  


1960-‐61	   0	   89	   1	   0	   0	   90	   0	  


1963-‐64	   9	   80	   2	   0	   0	   91	   0	  


1965-‐66	   8	   79	   3	   0	   0	   90	   0	  


1970-‐71	   5	   83	   2	   0	   0	   90	   0	  


1971-‐72	   4	   86	   1	   0	   0	   91	   0	  


1974-‐75	   8	   46	   36	   0	   0	   90	   0	  


1976-‐77	   0	   88	   2	   0	   0	   90	   0	  
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1980-‐81	   0	   90	   0	   0	   0	   90	   0	  


1981-‐82	   0	   48	   42	   0	   0	   90	   0	  


1986-‐87	   2	   84	   4	   0	   0	   90	   0	  


1993-‐94	   0	   87	   3	   0	   0	   90	   0	  


1994-‐95	   3	   85	   2	   0	   0	   90	   0	  


1997-‐98	   0	   83	   7	   0	   0	   90	   0	  


1999-‐00	   1	   89	   1	   0	   0	   91	   0	  


2000-‐01	   0	   76	   14	   0	   0	   90	   0	  


2001-‐02	   0	   75	   15	   0	   0	   90	   0	  


2004-‐05	   0	   77	   13	   0	   0	   90	   0	  


2005-‐06	   3	   83	   4	   0	   0	   90	   0	  


2011-‐12	   2	   89	   0	   0	   0	   91	   0	  


1958-‐59	   6	   72	   10	   2	   0	   88	   2	  


1975-‐76	   3	   59	   26	   3	   0	   88	   3	  


1995-‐96	   0	   69	   17	   5	   0	   86	   5	  


1998-‐99	   3	   72	   9	   4	   2	   84	   6	  


1969-‐70	   0	   74	   7	   7	   2	   81	   9	  


1989-‐90	   0	   71	   10	   2	   7	   81	   9	  


2002-‐03	   0	   39	   42	   9	   0	   81	   9	  


1968-‐69	   0	   47	   33	   10	   0	   80	   10	  


2003-‐04	   0	   33	   48	   10	   0	   81	   10	  


1961-‐62	   10	   54	   15	   7	   4	   79	   11	  


2008-‐09	   0	   37	   42	   8	   3	   79	   11	  


1982-‐83	   0	   34	   43	   13	   0	   77	   13	  


1991-‐92	   6	   54	   16	   8	   7	   76	   15	  


1964-‐65	   0	   14	   59	   17	   0	   73	   17	  


1979-‐80	   1	   50	   21	   10	   9	   72	   19	  


1988-‐89	   2	   30	   38	   17	   3	   70	   20	  


1996-‐97	   0	   44	   26	   17	   3	   70	   20	  


2006-‐07	   0	   64	   6	   11	   9	   70	   20	  


1985-‐86	   0	   31	   35	   9	   15	   66	   24	  


1990-‐91	   5	   42	   19	   6	   18	   66	   24	  


1992-‐93	   1	   32	   33	   17	   7	   66	   24	  


2010-‐11	   0	   25	   41	   21	   3	   66	   24	  


1977-‐78	   4	   37	   23	   13	   13	   64	   26	  


1959-‐60	   0	   41	   18	   28	   4	   59	   32	  


1972-‐73	   0	   20	   33	   22	   15	   53	   37	  


1978-‐79	   3	   20	   28	   11	   28	   51	   39	  







CRD/13-‐320.32	   2012	  Uintah	  Basin	  Winter	  Ozone	  &	  Air	  Quality	  Study	   274	  	  


1987-‐88	   0	   28	   22	   31	   10	   50	   41	  


2009-‐10	   3	   9	   37	   33	   8	   49	   41	  


1973-‐74	   3	   31	   11	   26	   19	   45	   45	  


1966-‐67	   0	   12	   31	   23	   24	   43	   47	  


2007-‐08	   0	   0	   44	   28	   19	   44	   47	  


1983-‐84	   0	   2	   40	   14	   35	   42	   49	  


1984-‐85	   0	   18	   23	   23	   26	   41	   49	  
	  


We	  take	  the	  2010-‐11	  (in	  red)	  and	  2011-‐12	  (in	  blue)	  seasons	  to	  be	  typical	  of	  bad	  and	  good	  ozone	  years,	  
respectively.	  	  Note	  that	  24/55	  =	  44%	  of	  the	  seasons	  are	  predicted	  to	  have	  3	  or	  fewer	  exceedancesof	  the	  
75-‐ppb	  NAAQS	  standard.	  	  Because	  the	  model	  is	  most	  accurate	  at	  low	  ozone	  values,	  we	  have	  good	  
confidence	  in	  its	  predictions	  for	  good	  ozone	  years.	  	  Also	  note	  that	  22/55	  =	  40%	  are	  predicted	  to	  be	  no	  
worse	  (zero	  exceedancesof	  the	  75-‐ppb	  standard)	  than	  2011-‐12,	  while	  15/55	  =	  27%	  are	  predicted	  to	  be	  
as	  bad	  or	  worse	  (24	  or	  more	  exceedences)	  than	  2010-‐11.	  	  Figure	  7-‐14	  shows	  the	  predicted	  number	  of	  
exceedancesyear	  by	  year.	  


	  


	  
Figure	  7-‐14.	  	  Predicted	  number	  of	  days	  with	  eight-‐hour	  ozone	  concentrations	  >	  75	  ppb	  in	  each	  winter	  
season.	  	  Horizontal	  red	  line	  shows	  the	  4-‐day	  regulatory	  threshold.	  	  Gaps	  in	  the	  data	  prevented	  estimates	  
for	  the	  following	  seasons:	  	  1952,	  1953,	  1955,	  1956,	  1957,	  1963,	  1968.	  	  	  
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SENSITIVITY	  ANALYSIS	  OF	  THE	  PREDICTIVE	  MODEL	  
In	  this	  section,	  we	  present	  a	  sensitivity	  analysis	  of	  the	  predictive	  model.	  	  This	  involves	  determining	  how	  
predictions	  of	  the	  model	  respond	  to	  changes	  in	  the	  independent	  variables.	  	  For	  example,	  does	  the	  
model	  exhibit	  a	  temperature	  effect?	  	  Does	  it	  respond	  as	  expected	  to	  changes	  in	  independent	  variables?	  	  
Of	  the	  various	  independent	  variables,	  which	  ones	  exert	  the	  greatest	  influence	  in	  driving	  up	  ozone	  
concentrations?	  	  	  The	  reader	  should	  bear	  in	  mind	  that	  we	  are	  asking	  about	  sensitivities	  of	  the	  model,	  not	  
of	  the	  actual	  ozone	  concentrations	  in	  the	  Basin.	  	  However,	  because	  the	  model	  at	  least	  approximates	  the	  
actual	  physical	  system,	  it	  gives	  us	  some	  notion	  of	  the	  behavior	  of	  the	  latter.	  	  	  


To	  measure	  sensitivity	  we	  will	  examine	  the	  derivatives	   .	  The	  derivative	  gives	  the	  change	  in	  
ozone	  concentration	  for	  a	  unit	  increase	  in	  the	  independent	  variable.	  	  We	  only	  consider	  these	  derivatives	  
for	  physically	  realistic	  values	  of	  the	  independent	  variables.	  	  Therefore,	  we	  will	  examine	  statistics	  of	  the	  
derivatives	  when	  evaluated	  at	  any	  of	  the	  239	  points	  in	  the	  calibration	  set.	  	  We	  have	  also	  found	  that	  
these	  sensitivities	  behave	  somewhat	  differently	  depending	  on	  snow	  depth.	  	  Therefore,	  we	  consider	  the	  
range	  of	  sensitivities	  under	  three	  different	  cases:	  	  	  Case	  A,	  little	  to	  no	  snow,	  or	  x2	  <	  100	  mm	  (≈	  4	  in);	  Case	  
B,	  moderate	  snow,	  or	  100	  mm	  <	  x2	  <	  200	  mm	  (≈	  4	  to	  8	  in);	  and	  Case	  C,	  deep	  snow,	  or	  x2	  >	  200	  mm	  (≈	  8	  
in).	  	  We	  have	  calculated	  the	  derivatives	   at	  each	  point	  in	  the	  calibration	  set,	  and	  then	  considered	  
the	  distribution	  of	   in	  each	  of	  the	  three	  cases.	  	  Histograms	  of	  these	  distributions	  appear	  in	  
Figures	  7-‐15	  through	  7-‐19.	  


	  


	  
Figure	  7-‐15.	  	  Histogram	  of	  derivatives	   showing	  the	  change	  in	  ozone	  concentration	  per	  unit	  
change	  in	  lapse	  rate.	  	  Red	  indicates	  derivatives	  for	  snow	  depth	  less	  than	  100	  mm,	  green	  for	  snow	  depth	  
between	  100	  and	  200	  mm,	  and	  blue	  for	  snow	  depth	  greater	  than	  200	  mm.	  
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Figure	  7-‐16.	  	  Histogram	  of	  derivatives	   showing	  the	  change	  in	  ozone	  concentration	  per	  unit	  
change	  in	  snow	  depth.	  	  Red	  indicates	  derivatives	  for	  snow	  depth	  less	  than	  100	  mm,	  green	  for	  snow	  
depth	  between	  100	  and	  200	  mm,	  and	  blue	  for	  snow	  depth	  greater	  than	  200	  mm.	  
	  


	  
Figure	  7-‐17.	  	  Histogram	  of	  derivatives	   showing	  the	  change	  in	  ozone	  concentration	  per	  unit	  
change	  in	  temperature.	  	  Red	  indicates	  derivatives	  for	  snow	  depth	  less	  than	  100	  mm,	  green	  for	  snow	  
depth	  between	  100	  and	  200	  mm,	  and	  blue	  for	  snow	  depth	  greater	  than	  200	  mm.	  


∂y ∂xα


∂y ∂xα







CRD/13-‐320.32	   2012	  Uintah	  Basin	  Winter	  Ozone	  &	  Air	  Quality	  Study	   277	  	  


	  
Figure	  7-‐18.	  	  Histogram	  of	  derivatives	   showing	  the	  change	  in	  ozone	  concentration	  per	  unit	  
change	  in	  solar	  angle.	  	  Red	  indicates	  derivatives	  for	  snow	  depth	  less	  than	  100	  mm,	  green	  for	  snow	  depth	  
between	  100	  and	  200	  mm,	  and	  blue	  for	  snow	  depth	  greater	  than	  200	  mm.	  
	  


	  
Figure	  7-‐19.	  	  Histogram	  of	  derivatives	   showing	  the	  change	  in	  ozone	  concentration	  per	  unit	  
change	  in	  consecutive	  days	  with	  inversions.	  	  Red	  indicates	  derivatives	  for	  snow	  depth	  less	  than	  100	  mm,	  
green	  for	  snow	  depth	  between	  100	  and	  200	  mm,	  and	  blue	  for	  snow	  depth	  greater	  than	  200	  mm.	  
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Results	  for	  the	  sensitivities	  are	  also	  shown	  in	  Table	  7-‐7.	  	  The	  mean	  and	  standard	  deviation	  for	  each	  
derivative	  is	  shown	  for	  each	  variable	  and	  for	  each	  of	  the	  three	  snowdepth	  cases.	  	  Table	  7-‐7	  also	  displays	  
σ(dy/dx)	  for	  each	  variable	  in	  each	  of	  the	  three	  snowdepth	  cases,	  where	  σ	  is	  the	  standard	  deviation	  for	  
the	  variable	  as	  given	  in	  Table	  7-‐3.	  	  This	  product	  indicates	  how	  much	  the	  ozone	  concentration	  is	  
influenced	  by	  the	  given	  variable	  as	  that	  variable	  changes	  over	  its	  typical	  range.	  	  For	  example,	  in	  deep	  
snow	  conditions,	  σ(dy/dx)	  is	  about	  –20	  ppb	  for	  the	  solar	  zenith	  angle,	  implying	  that	  as	  the	  solar	  angle	  
changes	  from	  typical	  low	  to	  typical	  high	  values,	  the	  ozone	  concentration	  is	  impacted	  by	  about	  20	  ppb.	  


	  


Table	  7-‐7.	  	  Derivatives	   showing	  the	  change	  in	  ozone	  concentration	  per	  unit	  change	  in	  each	  
independent	  variable,	  and	  σ(dy/dx),	  the	  standard	  deviation	  for	  each	  variable	  (mean	  ±	  standard	  
deviation).	  


	  


VARIABLE	   DERIVATIVE	   SNOW	  	  	  	  	  	  	  	  
<100	  mm	  


SNOW	  	  	  	  	  	  	  	  
100-‐200	  mm	  


SNOW	  	  	  	  	  	  	  
>200	  mm	   UNITS	  


x1	  
Lapse	  Rate	  


dy dx j 	   –0.040	  ±	  0.90	   –1.5	  ±	  0.6	   –1.5	  ±	  0.6	   ppb	  km/K	  


σ j dy dx j( ) 	   –0.30	  ±	  7	   –11	  ±	  5	   –11	  ±	  5	   ppb	  


x2	  
Snow	  Depth	  


dy dx j 	   0.19	  ±	  0.03	   0.07	  ±	  0.1	   0.045	  ±	  
0.083	  


ppb/mm	  


σ j dy dx j( ) 	   20	  ±	  3	   7	  ±	  10	   5	  ±	  9	   ppb	  


x3	  
Temperature	  


dy dx j 	   0.33	  ±	  0.69	   1.28	  ±	  1.97	   0.28	  ±	  1.38	   ppb/(°C)	  


σ j dy dx j( ) 	   2.3	  ±	  5.0	   9.2	  ±	  14	   2.0	  ±	  10	   ppb	  


x4	  
Solar	  Angle	  


dy dx j 	   –0.66	  ±	  0.57	   –4.1	  ±	  2.1	   –3.5	  ±	  1.3	   ppb/(°)	  


σ j dy dx j( ) 	   –4.1	  ±	  3.6	   –25	  ±	  12	   –21	  ±	  8	   ppb	  


x5	  
Consecutive	  Days	  
with	  Inversion	  


dy dx j 	   4.4	  ±	  0.9	   1.95	  ±	  1.52	   1.39	  ±	  1.06	   ppb/day	  


σ j dy dx j( ) 	   43	  ±	  8	   19	  ±	  15	   14	  ±	  10	   ppb	  


	  
Much	  useful	  information	  is	  found	  in	  these	  sensitivities.	  	  We	  can	  make	  all	  of	  the	  following	  observations:	  


1. The	  sensitivity	  to	  snowdepth	  decreases	  as	  the	  snow	  becomes	  deeper,	  varying	  from	  20	  to	  7	  to	  5	  
ppb.	  	  This	  is	  probably	  a	  saturation	  effect.	  	  When	  the	  snow	  is	  deep,	  adding	  more	  has	  less	  of	  an	  
effect	  than	  when	  the	  snow	  is	  shallow.	  


2. The	  sensitivity	  to	  lapse	  rate	  is	  low	  in	  the	  shallow	  snow	  case,	  and	  larger	  for	  deeper	  snow.	  	  
Without	  snow,	  inversions	  have	  little	  effect	  on	  ozone	  production.	  
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3. The	  temperature	  sensitivity	  is	  about	  9	  ppb	  in	  Case	  B	  (moderate	  snow	  cover),	  indicating	  that	  the	  
ozone	  concentration	  falls	  by	  more	  than	  1	  ppb	  for	  every	  1°C	  drop	  in	  temperature.	  	  This	  is	  
probably	  the	  combined	  result	  of	  the	  temperature	  dependence	  of	  each	  individual	  chemical	  
reaction	  in	  the	  ozone	  chemistry	  mechanism.	  	  The	  fact	  that	  ozone	  concentrations	  are	  sensitive	  to	  
temperature	  highlights	  a	  potential	  problem	  for	  modeling	  winter	  ozone	  events	  that	  we	  have	  
already	  pointed	  out	  elsewhere	  [Martin,	  et	  al,	  2011,	  	  p.	  81-‐95].	  	  The	  standard	  photochemical	  
smog	  modeling	  mechanisms	  were	  all	  developed	  at	  or	  near	  room	  temperature	  for	  summertime	  
applications	  and	  are	  probably	  not	  entirely	  accurate	  for	  winter	  ozone.	  	  	  


4. The	  sensitivity	  to	  solar	  zenith	  angle	  appears	  with	  the	  proper	  sign:	  	  Recall	  that	  the	  angle	  is	  0°	  at	  
the	  zenith	  and	  90°	  at	  the	  horizon.	  	  These	  sensitivities,	  around	  –20,	  confirm	  our	  assertion	  that	  
late-‐season	  inversions	  are	  more	  ozone-‐productive	  because	  of	  the	  higher	  solar	  elevation.	  


5. Sensitivities	  to	  lapse	  rate	  are	  also	  of	  the	  anticipated	  sign.	  	  However,	  it	  is	  interesting	  to	  note	  that	  
their	  magnitudes	  are	  smaller	  than	  those	  observed	  for	  the	  solar	  zenith	  angle.	  	  This	  also	  seems	  to	  
be	  consistent	  with	  observations	  made	  above:	  	  Late	  winter	  ozone	  events	  draw	  their	  strength	  
more	  from	  the	  intensity	  of	  solar	  radiation	  than	  from	  the	  intensity	  of	  inversions.	  


6. Sensitivities	  to	  the	  number	  of	  days	  since	  the	  beginning	  of	  a	  multi-‐day	  inversion	  (CDI)	  are	  large,	  
around	  20	  to	  40	  ppb.	  	  This	  probably	  reflects	  the	  accumulation	  of	  precursors	  during	  multi-‐day	  
inversion	  events.	  	  It	  implies	  that	  ozone	  levels	  increase	  around	  2	  to	  4	  ppb	  per	  day	  as	  we	  proceed	  
through	  a	  multi-‐day	  inversion.	  


	  


	  FUTURE	  WORK	  
Because	  the	  UGRB	  has	  had	  a	  longer	  history	  of	  winter	  ozone	  monitoring,	  a	  similar	  analysis	  there	  would	  
also	  be	  very	  informative.	  	  The	  quality	  of	  the	  regression	  analysis	  should	  improve	  as	  more	  years	  are	  added	  
to	  the	  calibration	  dataset.	  	  	  And	  with	  ozone	  data	  extending	  over	  more	  years,	  a	  regression	  analysis	  might	  
tease	  out	  dependence	  on	  the	  levels	  of	  oil	  or	  gas	  production.	  	  Such	  a	  study	  would	  also	  indicate	  
similarities	  and	  differences	  between	  the	  ozone	  systems	  of	  the	  two	  basins.	  	  Likewise,	  assuming	  that	  
ozone	  monitoring	  at	  Ouray	  will	  continue	  into	  the	  foreseeable	  future,	  each	  passing	  year	  will	  permit	  us	  to	  
refine	  the	  predictive	  model	  presented	  here.	  	  	  


It	  has	  been	  suggested	  that	  inversion	  events	  in	  the	  Basin	  are	  related	  to	  the	  North	  Atlantic	  Oscillation,	  or	  
some	  other	  global	  climate	  pattern.	  	  We	  will	  compare	  the	  historical	  climate	  data	  with	  historical	  NAO	  
indexes	  to	  test	  this	  hypothesis.	  	  


The	  predictive	  model	  employed	  a	  quadratic	  regression,	  i.e.,	  it	  employs	  linear	  and	  quadratic	  basis	  
functions	  of	  the	  independent	  variables.	  	  However,	  as	  more	  years	  of	  ozone	  data	  accumulate,	  we	  may	  be	  
able	  to	  develop	  more	  accurate	  regression	  models,	  involving	  either	  more	  sophisticated	  basis	  functions	  or	  
more	  independent	  variables.	  
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	  MAJOR	  CONCLUSIONS	  
• Thermal	  inversions	  and	  snow	  cover	  in	  the	  Basin	  are	  most	  likely	  in	  January.	  	  The	  frequency	  of	  


days	  that	  simultaneously	  have	  inversions	  and	  snow	  cover	  is	  at	  a	  maximum	  of	  about	  50%	  in	  mid-‐
January,	  and	  conforms	  very	  well	  to	  a	  Gaussian	  distribution	  with	  a	  standard	  deviation	  of	  about	  30	  
days,	  meaning	  that	  such	  days	  are	  considerably	  less	  prevalent	  either	  in	  December	  or	  February.	  


• Based	  on	  experience	  in	  both	  the	  Uintah	  Basin	  and	  UGRB,	  as	  well	  as	  on	  the	  results	  of	  the	  
predictive	  model,	  we	  conclude	  that	  ozone	  events	  are	  most	  intense	  in	  February,	  i.e,	  they	  lag	  
behind	  the	  most	  intense	  inversions	  by	  about	  one	  month.	  	  The	  most	  reasonable	  explanation	  for	  
this	  lag	  is	  that	  solar	  radiation	  intensifies	  as	  the	  winter	  progresses.	  


• Based	  on	  climate	  patterns	  from	  the	  past	  50	  or	  60	  years	  ,	  we	  predict	  44%	  odds	  that	  any	  given	  
winter	  is	  compliant	  with	  the	  National	  Ambient	  Air	  Quality	  Standard.	  	  We	  predict	  27%	  odds	  that	  
any	  given	  winter	  will	  be	  as	  bad	  or	  worse	  for	  ozone	  as	  2010-‐11,	  and	  40%	  odds	  that	  any	  given	  
winter	  will	  be	  as	  good	  or	  better	  than	  2011-‐12.	  	  The	  remaining	  33%	  lie	  somewhere	  in	  between.	  	  


• A	  naïve	  examination	  of	  the	  data	  suggests	  multi-‐year	  trends,	  with	  several	  years	  in	  succession	  of	  
either	  high	  or	  low	  inversion	  frequency	  or	  high	  or	  low	  snow	  cover.	  	  However,	  the	  sequences	  of	  
high	  and	  low	  years	  are	  not	  inconsistent	  with	  an	  entirely	  random	  process.	  	  Any	  actual	  multi-‐year	  
trends,	  if	  present,	  are	  weak.	  
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NOTES	  
Note	  1	  
Equation	  for	  the	  filtered	  curve	  in	  Figure	  7-‐7:	  


6.20 + 5.93 cos 2πν1 t −δ1( )"# $%+ 2.19 cos 2πν2 t −δ2( )"# $%"# $%
K
km


	  	  	  


taking	  the	  zero	  of	  t	  to	  be	  July	  1,	  and	  with	  	  


ν1 =1 yr−1, ν2 = 2 yr−1, δ1 = 0.0235 yr, δ2 = −0.215 yr 	  


Equations	  for	  the	  Gaussian	  distributions	  in	  Fig.	  13:	  


	  


A exp −
t − t0( )2


2σ 2


"


#
$
$


%


&
'
'
	  


(again	  taking	  the	  zero	  of	  t	  to	  be	  July	  1)	  


	  
	   Inversions	  only:	  	   A	  =	  0.598,	  	   t0	  =	  197	  days	  (Jan	  14),	   σ	  =	  32	  days.	  


	   Snow	  cover	  only:	  	   A	  =	  0.635,	  	   t0	  =	  207	  days	  (Jan	  24),	   σ	  =	  30	  days.	  


	   Inversions	  +	  snow:	  	   A	  =	  0.481,	  	   t0	  =	  204	  days	  (Jan	  21),	   σ	  =	  27	  days.	  


	  


Note	  2	  
The	  so-‐called	  “potential	  temperature”	  reflects	  the	  fact	  that	  a	  parcel	  of	  air	  cools	  when	  expanded	  
adiabatically,	  i.e.,	  without	  the	  transfer	  of	  heat.	  	  Therefore,	  a	  column	  of	  air	  in	  stable	  equilibrium	  is	  
expected	  to	  be	  cooler	  aloft	  where	  the	  pressure	  is	  lower.	  	  The	  potential	  temperature	  involves	  an	  
adjustment	  for	  the	  ambient	  pressure	  in	  such	  a	  way	  that	  it	  will	  be	  constant	  throughout	  a	  column	  of	  air	  at	  
equilibrium.	  	  Therefore,	  the	  potential	  temperature	  is	  a	  better	  indicator	  of	  atmospheric	  stability	  than	  the	  
actual	  temperature.	  	  See,	  for	  example,	  Seinfeld	  &	  Pandis	  [2006].	  
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Report Date: 05/05/2010            Control Technology Determinations (Freeform) 


Facility Information: IVANPAH ENERGY CENTER, L.P. 


RBLC ID: NV-0038


+Corporate/Company


Name: IVANPAH ENERGY CENTER, L.P.


+Facility Name: IVANPAH ENERGY CENTER, L.P.


Facility County: CLARK


Facility State: NV


Facility ZIP Code: 89019


Facility Country: USA


Facility Contact Name: WILLIAM DAVIS


Facility Contact Phone: 2134730086


Facility Contact Email: W.DAVIS@DGC-US.COM


EPA Region: 9


Agency Code: NV002


Agency Name: CLARK CO. DEPT. OF AIR QUALITY AND ENVIRONMENTAL


MANAGEMENT


Agency Contact: MR. DAVID LEE 


Agency Phone: (702) 455-1673 


Agency Email: LEE@CO.CLARK.NV.US 


Other Agency Contact


Info:


DAVID C. LEE


TEL: (702) 455-1673


FAX: (702) 383-9994


E-MAIL: LEE@CO.CLARK.NV.US


+Permit Number: 1616


+SIC Code: 4911


NAICS Code: 221112


Facility Registry System


Number: NEW, NOT FOUND


Application Accepted


Received Date: 02/12/2002 ACT


Permit Issuance Date: 12/29/2003 ACT


Date determination


entered in RBLC: 11/14/2005


Date determination last


updated: 12/21/2005


Permit Type: A: New/Greenfield Facility 


Permit URL:


Facility Description: A 500 MW ELECTRICAL GENERATING PLANT CONSISTING OF
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Facility Description: A 500 MW ELECTRICAL GENERATING PLANT CONSISTING OF


TWO COMBUSTION TURBINE GENERATORS, TWO HEAT


RECOVERY STEAM GENERATORS, ONE STEAM TURBINE


GENERATOR. THE PROPOSED PLANT IS SURROUNDED BY


UNOCCUPIED LAND FOR A DISTANCE OF AT LEAST TWO


MILES IN ALL DIRECTIONS. THE UN-IMPROVED ACCESS ROAD


TO THE PROPOSED PLANT SITE IS ABOUT 1.6 MILES IN LENGTH.


Permit Notes: THE AUTHORITY TO CONSTRUCT (ATC) WAS RENEWED ON


JUNE 28, 2005. BASED ON THE CURRENT AIR QUALITY


REGULATIONS, THE FIRST EXTENSION OF THE ATC DOES NOT


REQUIRE A RE-ANALYSIS OF BACT/LAER. FOR THE RENEWED


ATC DATED JUNE 28, 2005, THERE WAS NO NEW BACT/LAER


DETERMINATION.


   


Affected Boundaries: IVANPAH ENERGY CENTER, L.P. 


+Boundary (Class 1


Area or US Border


Name): Grand Canyon NP


Boundary Type (Class 1


or Intl Border): CLASS1


Distance: Between 100km and 250km 


Class 1 Area State: AZ


+Boundary (Class 1


Area or US Border


Name): Joshua Tree


Boundary Type (Class 1


or Intl Border): CLASS1


Distance: Between 100km and 250km 


Class 1 Area State: CA


   


Facility-wide Emissions: IVANPAH ENERGY CENTER, L.P. 


+Pollutant Name: Carbon Monoxide


Facility-wide Emissions


Increase: 148.9700 (Tons/Year)


+Pollutant Name: Nitrogen Oxides (NOx)


Facility-wide Emissions


Increase: 122.3600 (Tons/Year)


+Pollutant Name: Particulate Matter (PM)


Facility-wide Emissions


Increase: 98.6200 (Tons/Year)


+Pollutant Name: Sulfur Oxides (SOx)


Facility-wide Emissions


Increase: 13.5200 (Tons/Year)


+Pollutant Name: Volatile Organic Compounds (VOC)


Facility-wide Emissions







Facility-wide Emissions


Increase: 48.9200 (Tons/Year)


Process Information: IVANPAH ENERGY CENTER, L.P. 


+Process Name: LARGE COMBUSTION TURBINES, COMBINED CYCLE &


COGENERATION


+Process Type: 15.210


Primary Fuel: NATURAL GAS


Throughput: 500.00


Throughput Unit: MW


Process Notes: THE PRINCIPAL PROCESS EQUIPMENT CONSISTS OF TWO


WESTINGHOUSE 501 FD COMBUSTION TURBINE GENERATORS,


TWO HEAT RECOVERY STEAM GENERATORS, AND ONE STEAM


TURBINE GENERATOR.


   


Pollutant Information: IVANPAH ENERGY CENTER, L.P. - LARGE COMBUSTION


TURBINES, COMBINED CYCLE & COGENERATION 


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: B


+Control Method


Description:


GOOD COMBUSTION CONTROL AND USE OF


PIPELINE-QUALITY NATURAL GAS


Emission Limit 1: 11.2500


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 49.3000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: LAER


Other Applicable


Requirements: SIP , OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: Y







+Percent Efficiency:


Compliance Verified: No 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


THE EMISSION LIMITS LISTED ABOVE APPLY TO EACH


COMBUSTION TURBINE GENERATOR WITH THE DUCT BURNER


ON.


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: B


+Control Method


Description: GOOD COMBUSTION CONTROL AND CATALYTIIC OXIDATION


Emission Limit 1: 2.3000


Emission Limit 1 Unit: PPMVD


Emission Limit 1 Avg.


Time/Condition: 15% OXYGEN, ONE HOUR AVERAGE


Emission Limit 2: 5.6000


Emission Limit 2 Unit: LB/H


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: SIP , OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: N


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005







Pollutants/Compliance


Notes:


EMISSION LIMIT 2 APPLIES TO EACH COMBUSTION TURBINE


GENERATOR WITH THE DUCT BURNER ON.


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: USE OF PIPELINE-QUALITY NATURAL GAS


Emission Limit 1: 1.5500


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 6.7500


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: NSPS , SIP 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: N


+Percent Efficiency:


Compliance Verified: No 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


THE EMISSION LIMITS APPLY TO EACH COMBUSTION


TURBINE GENERATOR WITH THE DUCT BURNER ON.


   


+Pollutant Name Ammonia (NH3)


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 7664-41-7


Test Method: Unspecified


+Control Method Code: P


+Control Method







+Control Method


Description: GOOD SCR REAGENT INJECTION CONTROL


Emission Limit 1: 10.0000


Emission Limit 1 Unit: PPMVD


Emission Limit 1 Avg.


Time/Condition: 15% OXYGEN, ONE HOUR AVERAGE


Emission Limit 2: 25.8000


Emission Limit 2 Unit: LB/H


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: Other Case-by-Case


Other Applicable


Requirements: SIP 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: N


+Percent Efficiency:


Compliance Verified: No 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


EMISSION LIMIT 2 APPLIES TO EACH COMBUSTION TURBINE


GENERATOR WITH THE DUCT BURNER ON.


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: B


+Control Method


Description:


DRY LOW NOX COMBUSTION CONTROL IN COMBINATION


WITH SELECTIVE CATALYTIC REDUCTION


Emission Limit 1: 2.0000


Emission Limit 1 Unit: PPMVD


Emission Limit 1 Avg.


Time/Condition: 15% OXYGEN, ONE HOUR AVERAGE


Emission Limit 2: 13.9600


Emission Limit 2 Unit: LB/H







Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 2.0000


Standard Emission


Limit Unit: PPM@ 15% O2


Standard Limit Avg.


Time/Condition: 15% OXYGEN, ONE HOUR AVERAGE


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: NSPS , SIP , OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 10,909 ($/ton)


Incremental Cost


Effectiveness: 35,439 ($/ton)


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2003


Pollutants/Compliance


Notes:


EMISSION LIMIT 2 APPLIES TO EACH COMBUSTION TURBINE


GENERATOR WITH THE DUCT BURNER ON.


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: B


+Control Method


Description: GOOD COMBUSTION CONTROL AND CATALYTIC OXIDATION


Emission Limit 1: 4.0000


Emission Limit 1 Unit: PPMVD


Emission Limit 1 Avg.


Time/Condition: 15% OXYGEN, ONE HOUR AVERAGE


Emission Limit 2: 17.0000


Emission Limit 2 Unit: LB/H


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 4.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition: 15% OXYGEN, ONE HOUR AVERAGE


+Case-by-Case Basis: LAER







Other Applicable


Requirements: SIP , OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: Y


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 8,392 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2003


Pollutants/Compliance


Notes:


EMISSION LIMIT 2 APPLIES TO EACH COMBUSTION TURBINE


GENERATOR WITH THE DUCT BURNER ON.
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Air pollution control costs 
for coal-fired power stations 
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Air po11uuon comro1 costs 


3 Nitrogen oxides 
Nitrogen oxides (NOx) formation in coal-fired power stations occurs through 


complex chemical reactions. NOx are formed from the oxidation of nitrogen 
contained within the coal and from the combustion air. These two distinct nitrogen 
sources produce NOx emissions known as fuel-NOx and thermal-NOx respectively. 


Fuel-NOx formation is Jess sensitive 
to temperature compared to thermal
NOx. but is strongly influenced by 
oxygen availability. The effects of coal 
characteristics including the nitrogen 
content of the coal are not completely 
understood (Davidson, 1994). The per
centage of fuel-NOx formation varies 
significantly with different coals and 
boiler operating conditions. Fuel-NOx 
can account for as much as 80% of the 
total uncontrolled NOx emissions. 


The rate ofthermal-NOx depends on 
the temperature and oxygen concentra-
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tion within the firing zone. A third 
mechanism, originally proposed by 
Fenimore (1972), describes the rapid 
formation of prompt-NOx at the flame 
front, possibly through the reaction of 
hydrocarbon fragments with atmos
pheric nitrogen. It is generally accepted 
that the prompt-NOx portion from coal 
accounts for less than 5% of the total 
NOx emissions (Schindler, 1993; 
Grusha and Hart, I 993). 


Figure 3 shows the effect of boiler 
firing types and size on uncontrolled 
NOx emissions from coal-fired boilers 
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Figure 3 Effect of boiler firing types and unit size on uncontrolled NOx emissions from 
coal-fired plants (Rini and Cohen, 1992) 
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at full load. Tangentially-fired boilers 
produce the lowest NOx emissions for 
any size. Wet bottom boilers produce 
much higher NOx emissions than dry 
bottom boilers because of their high com
bustion temperature, resulting in 
increased thermal-NOx formation. Even 
boilers of similar design using the same 
coal can often exhibit different levels of 
NOx emissions (Rini and Cohen. 1992). 
In many countries, NOx emission limits 
are now less than the uncontrolled emis
sions from tangentially-fired boilers. 


A number of NOx control technolo
gies have been developed since the 
1960s. Available measures to control 
NOx emissions from a coal-fired power 
station are largely classified into the 
following two categories: 


• combustion modifications (pri
mary measures); 


• flue gas treatment. 
This chapter reviews the current 


costs of combustion modifications and 
flue gas treatment processes, factors 
affecting the costs and advanced de
signs to reduce the costs. The optimum 
NOx control technology for a coal-fired 
power station would be selected by a 
site-specific analysis, mainly taking 
account ofNOx reduction requirements, 
NOx control technology options, and 
the cost-effectiveness. 


3.1 Combustion 
modifications 


Combustion modifications have 
been developed through understanding 
NOx formation and reduction mecha
nisms. Combustion modifications for a 
coal-fired power station include the 
following five technologies: 


• operational optimisation (low 
excess air); 


• air staging/two-stage combus
tion (over fire air); 


• low NOx burner, 
• fuel staging (rebuming with another 


fuel. for example natural gas); 
• flue gas recirculation. 
Combustion modifications are widely 


used for 20-70% of NOx reduction and 
are reponed to be cost-effective for both 
existing and new plants. Figure 4 illus
trates NOx control options including com 
bustion modifications and post-combus
tion technology for coal-fired boilers. 
Table 5 shows the NO:ll reduction effi
ciencies achieved by combustion 
modifications (Ando, 1990). The NOx re
du~ti?n effi~iency ~ch ieved by retrofitting 
ex1stmg boilers with combustion modifi
cations is generally found to be lower than 
that in new plant due to site-specific limi
tation.~ (Weiler and Ellison, 1990). 


111e first stage to reduce NOx emis
sions is to optimise operating 
conditions. Low excess air operation is 
the technique of reducing oxygen con
centration to the minimum amount 
needed for complete combustion. This 
is effective in controlling fuel-NOx for
m at ion and to a lesser extent 
them1al-NOx. The method is also used 
on oil- and gas-fired plants but is not 
found to be as effective for coal-fired 
boilers (Kitto, 1994). According to 
Kaplan ( 1993 ), low excess air operation 
is applicable to all types of boiler and 
may reduce NOx emissions by 15-25% 
in some plants with minimum cost. 
Application of this technology needs 
more careful control of oxygen concen
trations because carbon burnout is 
decreased if the excess air is too low. 
Low excess air operation is suitable for 


1000°c 


introduction in many countries where 
the economiser oxygen concentration is 
not monitored and boilers are operated 
at high excess air. This practise prevents 
incomplete combustion, but results in 
higher NOx emissions. Low excess air 
can reduce not only NOx emissions but 
also S03 emissions which can cause 
fouling and corrosion on the air pre
heater and particulate control device 
(Ando, 1990). 


Air staging is also referred to as 
two-stage combustion. Over fire air is a 
fom1 of air staging. Coal is fired under 
near or below stoichiometric levels of 
oxygen (fuel-rich conditions) to create 
reducing conditions in the high tem
perature combustion zone. This reduces 
availability of oxygen in the combus
tion zone and is effective for fuel-NOx 
control. Then, secondary air (15-25% 


SNCR 
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Figure 4 Principles of N01 control technology 


Table 5 NOx reduction by combustion modifications in coal-fired boilers (Ando, 1990) 


Measures NO, emissions, NO, reduction, % 
pprnv (6%, 0i) 


Base 550-800 -
Low excess air 45~50 15-20 
Low excess air+ over fire air 300-500 35-45 
Low excess air+ flue gas recirculation 350-550 30-35 
Low e:itcess air+ over fire air+ flue gas rccircularion 200-400 50-60 
Low e:itcess air+ over fire air+ flue gas rccircularion 150-300 60-70 
+ low NO, burner.; 
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of total combustion air) is introduced 
above the top row of burners to com
plete the combustion process at a lower 
temperature. NOx emissions are re
duced by up to about 35%. Over fire air 
is a cost-effective means but is seldom 
used by itself because of its limited NOx 
reduction and because it may accelerate 
water-wall corrosion and increase slag
ging and fouling with some coals 
(Castalditi and others, 1993). 


Low NOx burners generally in com
bination with over fire air are the most 
common option selected to reduce NOx 
emissions by 30-60%. Low NOx burn
ers employ air staging within the flame. 
The purpose of air staging is to delay the 
mixing of coal and air in the burner 
zone, rather than in the furnace as in 
over fire air. In the low NOx burner, part 
of the flame is at fuel-rich conditions. 
The excess hydrocarbon, hydro
gen/oxygen and nitrogen containing 
radicals interact to prevent NOx forma
tion. Thermal-NOx formation is 
minimised because the peak flame tem
perature of the low NOx burner is lower 
than in conventional burners (Kcxla and 
others, 1993; Bartok and Staudt, 1993). 
Several advanced low NOx burners 
have been developed to increase NOx 
reduction and to decrease unburnt carb
on in the fly ash, leading to improved 
cost effectiveness of NOx control (see 
Hjalmarsson and Soud, 1990; IEA Coal 
Research. l 994d). 


Fuel staging by reburning with coal, 
oil or natural gas is an attractive NOx 
control technology applicable to all 
types of boilers. The method has a NOx 
reduction potential ranging from 40% to 
70%. This technology is now commer
cial for coal-fired power stations, 
mainly in the USA. Two demonstration 
projects of natural gas reburning under 
US DOE have been implemented for 
different types of boilers. They are the 
80 MWe Hennepin (unit 1) tangen
tially-fired plant, the 40 MWe Lakeside 
(unit 7) cyclone-fired plant and the 
172 MWe Cherokee (unit 3) wall-fired 
plant. Initial tests in the Lakeside plant 
and the Cherokee plant showed NOx 
reductions of 60% and 72%, respec
tively (DOE and EER, 1993). Natural 
gas rcburning is expected to be a prom
ising NOx control technology, 
especially for wet bottom boilers (typi
cally, cyclone fired-boilers). Low NOx 
burners are not readily used on these 
boilers because the low furnace-gas 
temperature would be expected to alter 
the molten condition of the slag and thus 
hinder drainage of ash from the bottom 
of the boiler. In rcburning, typically 
15-20% of the total heat input required 


by the boiler 1s displaced by the reburn 
fuel. About 80-85% of coal on a total 
heat input basis is burnt in the main 
combustion zone, followed by the 
staged introduction of 15-20% rcburn 
fuel at a higher elevation in the boiler. 
This creates a fuel-rich zone at the re
burn fuel injection point (rebum zone). 
The hydrocarbon radicals from com
bustion of the reburn fuel reduce NOx 
to N1. Additional air (over fire air) is 
introduced through air ports above the 
reburn zone to complete combustion at 
a lower temperature. This lower com
bustion temperature can limit further 
thermal-NOx formation (Bartok and 
Staudt, 1993; Castaldini and others, 
1993). 


It is interesting that natural gas re
burning works more effectively in NOx 
reduction than natural gas co-firing with 
coal where the natural gas is injected 
near or concurrently with the main coal 
fuel. The NOx reduction of natural gas 
co-firing is lower (25-30%) than that of 
reburning (40-60%) with the same ratio 
of displacing coal by I 5-20% with 
natural gas (Breen and others, I 990). 
The NOx is not decreased at all without 
properly designed co-firing (Lewis and 
others, 1993). The advantage of natural 
gas co-firing is the small mcxlification 
to the boiler, especially where natural 
gas is already used as a start-up, stabili
sation or auxiliary fuel. On the other 
hand, natural gas reburning requires in
stallation of the natural gas injection 
burner, additional air ports in the 
furnace, a main natural gas supply line 
and various controls. These modifica
tions result in high capital costs, 
compared with co-firing. Natural gas 
reburning and co-firing also reduce S02 
emissions to the extent to which coal is 
displaced by natural gas. 


Flue gas recirculation for NOx con
trol includes recirculation into the 
furnace or into the burner. The resulting 
reduced flame temperature and oxygen 
concentration inhibits thermal-NOx for
mation. Flue gas recirculation into the 
burner is sometimes used with low NOx 
burners. In this case 20-30% of the flue 
gas is usually recirculated subject to the 
operational constraints of flame stabil
ity and impingement. Flue gas 
recirculation is used for NOx control in 
gas- or oil-fired plants rather than for 
coal-fired boilers, but in Japan it is com
bined with other NOx control 
technologies in many coal-fired plants 
for power generation. The NOx reduc
tion efficiency is low ( <.5% in coal-fired 
boilers) according to Mouri (1994). 
This is because the ratioofthermal-NOx 
to total NOx emissions is relatively low 


in coal-fired plants. A removal effi
ciency of 30-50% has been achieved by 
flue gas recirculation with over fire air 
in gas-fired plant where the thermal
NOx is high (Ando, 1990; Bartok and 
Staudt, 1993; Kcxla and others, 1993 ). 


Cost estimates for combustion 
modifications are summarised in 
Table 6. The table includes results from 
many studies which have been con
ducted to compare NOx control costs 
although the data from different authors 
may not directly be compared. For cx
am pl e, the US Environmental 
Protection Agency (EPA)'s Air and En
ergy Environmental Research 
Laboratory (AEERL) has developed the 
Integrated Air Pollution Control Sys
tem (IAPCS) cost mcxlel using the EPRI 
Technical Assessment Guide (T AGTM) 
(Kaplan, 1993). White and Themig 
(1993) presented the approach to iden
tify the lowest total evaluated cost for 
emission compliance for Illinois Power 
in which five coal-fired power stations 
ranging in size from 70 MWe to 
600 MWe are subject to a NOx emission 
limit under the 1990 CAAA. Castaldini 
and others (1993) evaluated reasonably 
available control technology (RACT) 
of NOx for US Northeast States for 
Coordinated Air Use Management 
(NESCAUM). In the NESCAUM re
gion about 200 utility boilers with a 
total capacity of about 36,000 MWe are 
estimated to emit 345,000 t/y (as NOx). 


111e cost of low excess air operation 
and of over fire air are not well docu
mented because they arc usually 
combined with other methods such as 
low NOx burners. Costs of low excess 
air operation could be very low and are 
estimated at $1.4/kWe for capital costs 
and 0.06 mills/kWh for levelised costs 
(Kaplan, 1993 ). The capital costs of 
over fire air are projected to be 
$7-9/kWe for large tangentially-fired 
PC-plant (dry bottom) achieving a NOx 
reduction of 12-25% (see Table 6). 
Smaller boilers have higher capital 
costs of $31-40/kWe because the total 
mcxlification costs for over fire air stag
ing arc similar, independently of boiler 
size (Kaplan, 1993; White and Themig, 
1993). This range of costs cannot nec
essarily be applied to individual plant~ 
because of site-specific considerations 
such as the space available for retrofit. 


The capital costs of low NOx burn
ers may be in the range of $10-30/k W c 
for NOx reductions of30-60%, depend
ing on the boiler size and type (see 
Table 6) (Kaplan, 1993; Castaldini and 
others, 1993; EINDOE, 1994; Laursen 
and others, 1993; Khan, 1993). Laursen 
and others ( 1993) estimated the lowest 
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Table 6 Cost estimates of retrofit combustion modifications for NOx control 


Boiler Boiler NO, Costs Remarks Reference 


reduction, Capital LeveliStd size, type 
MWe % SlkWc mills/kWh Sit of NO, removed 


Low excess air 300 Tangential 15-25 1.4 0.06 63 


Over fire air 300 Tangential 25 7 0.28 439 


600 Tangential 12 9 - -


210 Tangential 12 31 - -
100 Tangential 12 40 - -


Low NO, burners 300 Wall 34 21-32 0.73-1.33 592-1065 


+ over fire air 200 Wall 35-55 40 - 297-451 


200 Tangential 25-30 30 - 462-924 


500 Cell 50 8-12 - -
- Wall 40 >18 - -
- Tangential 41 >16 - -
500 - 40 20 0.5 550 


- Wall - 19-23 - -


Low NO, burners 300 Wall 51 27-39 1.13-1.61 626-889 


200 Wall 40-60 20 - 176-253 


200 Tangential 30-50 24 - 539-715 


600 Tangential 38 II - -
210 Tangential 38 38 - -
100 Tangential 38 36 - -
- Wall 55 <45 - -


- Tangential 45 <24 - -
- Wall - 26-28 - -


Natural gas rebuming 200 Wall 45-60 42 - 781-957 
200 Tangential 40-60 42 - 1210-1760 
200 Cyclone 45-60 42 - 550-737 
600 Tangential 45 22 - -
210 Tangential 45 36 - -
100 Tangential 45 45 - -
300 Wall 60 14 2.67 1246 
300 Wall 60 16 3.9 1822 
300 Wall 60 18 5.13 2396 
500 - 60 30 2.8 280 
500 - 60 30 3 -
500 - 60 30 5 -
500 - 60 30 7 -


Natural gas rebuming 500 - 85 40 3.8 550 
+ selective non-
catalytic reduction 


Natural gas rebuming 500 - 70 50 3.3 270 
+ low NO, burners 


Rebuming using 110 Cyclone 49 67 1.9 110 
pulverised coal 605 Cyclone 53 43 1.3 420 


• coal-natural gas price differential, Sl/MB1u - S1/l.05GJ 


capital costs ($8-12/kWe) for the 
500 MWe cell-fired boiler retrofit. 
According to Kitto ( 1994). the range for 


several low NOx cell burners is 
$7-10/kWe in lhe USA. The lowest 
capital costs occur in large sized-plant 
due to the scale effect. For a moderate 
boiler size (200-300 MWe), the capital 


costs of low NOx burners arc a little 
higher, ranging from $20/kWe to 


30/kWe. The capital costs of low NOx 
burners combined with over fire air can 


increase by $I 0-20/kWe but improve 
NOx reduction by about I 0 percentage 
points. Actual capital costs of low NOx 


burners (HT-NR burner designed by 
Babcock-Hitachi) for two commercial 
plants were $I O/kWe in 1986, and 
$13/kWe in 1987 in Japan (Koda, 
1994). The levelised costs of low NOx 
burners arc sensitive to capital invest


ment. The O&M costs for low NOx 
burners are low, the same as for conven


tional burners because they do not need 


Kaplan, 1993 


Kaplan, 1993 
White and Themig, 1993 
White and Themig, 1993 
White and Themig, 1993 


Kaplan, 1993 
270-41 O Slton Castaldini and others, 199' 
420-840 $/ton Castaldini and others, 199 


Laursen and others, 1993 
Khan, 1993 
Khan, 1993 
Sanyal and others, 1992 
EIA!DOE, 1994 


Kaplan, 1993 
160-230 $/ton Castaldini and others, 199' 
490-650 S/ton Castaldini and others, 199~ 


White and Themig, 1993 
White and Themig, 1993 
White and Themig, 1993 
Khan, 1993 
Khan, 1993 
EIA!DOE, 1994 


710-870 S/ton Castaldini and others, 199' 
I 100-1600 $/ton Castaldini and others, 199 
500-670 S/1on Castaldini and others, 199" 


White and Thcmig, 1993 1 


White and Themig, 1993 
White and Thcmig, 1993 


$1/jl,ffitu* Kaplan, 1993 
Sl.5/MBtu* Kaplan, 1993 
S2JMBtu* Kaplan, 1993 
SI/MB tu* DOE and EER, 1993 
SI/MB tu• Sanyal and others, 1993 
$2/MBtu* Sanyal and others, 1993 
$3/MBtu• Sanyal and others, 1993 
Sl.5/MBtu• Sanyal and others, 1993 


Sl/MBtu• DOE and EER, 1993 


- Yagida, 1994 
- Yagiela, 1994 


additional reagents as in reburning. The 
leveliscd costs for low NOx burners 
combined with over fire air are roughly 


in the range of 1.0-1.5 mills/kWh. TI1e 
main item ofleveliscd costs is therefore 
the fixed charge on the initial capital 
investment. Capital costs of fuel stag
ing/rebuming arc similar to those of low 
NOx burners combined wich over fire 
air, roughly ranging over $30-45/kWe 


depending on the boiler size and type 
(see Table 6) (Castaldini and others, 
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1993; White and Thcmig, 1993; DOE 
and EER, 1993). Depending on the 
rcburn fuel used, the operating costs can 
increase due to the higher cost of the oil 
or natural gas compared to coal. The 
operating costs increase in direct 
proportion to increases in the 
coal-reburn fuel price differential. In the 
study by Kaplan (1993). the lcveliscd 
costs increased by 92% from 
2.67-5.13 mills/kWh with an increase in 
the coaI-rebum fuel price differential by 
100% from $0.95/GJ ($1/MBtu) to 
$1.9/GJ ($2/MBtu). The study conducted 
by DOE and EER (1993) showed that 
costs of natural gas represent 90-95% of 
the total operating costs. 111e levelised 
costs of natural gas reburning range 
roughly from 3-5 mills/kWh depending 
on the coal-gas price differential. boiler 
size and type (see Table 6). 


Another rcburning technology is to 
replace natural gas with pulverised coal 
as a fuel for rcbuming. This reduces the 
lcvelised costs and increases the avail
ability of reburning technology. 111e 
world's first application of reburning 
technology using pulverised coal as the 
reburn fuel has been completed at the 
110 MWe Nelson Dewey cyclone-fired 
boiler. Wisconsin, USA, under the US 
CCT-2. In the reburn zone, 20-35% of 
the coal on a heat input basis is intro
duced sub-stoichiomctrically. The tests 
demonstrated a 55% NOx reduction 
with no increase in unburnt carbon and 
no tendency for slagging or furnace cor
rosion (Newell and others, 1993). The 
economics of coal reburning was pre
sented by Yagiela ( 1994). Although the 
capital costs of coal rebuming were 
higher than those of natural gas rebum
ing, the levelised costs of coal rcburning 
were much lower than those of natural 
gas. 


It is important to recognise potential 
adverse side-effects in combustion 
modifications. For example low NO\ 
burners with over fire air may increase 
unburnt carbon in the fly ash, CO emis
sions, corrosion of water-walls and 
slagging due to localised reducing con
ditions (Bartok and Staudt, 1993 ). At 
least three wall-fired, low NOx burner 
retrofits are reported to result in signifi
cant operational difficulty and reduced 
performance (Castaldini and others, 
I 993 ). The retrofit costs of low NOx 
burner are affected by site-specific fac
tors. In the past, low NOx burners were 
generally larger in diameter than the 
existing burner, necessitating modifica
tion of water-wall tubes, drain piping, 
sootblower piping, and cable routing. 
However, modem low NOx burners are 
designed to fit in existing openings. 


Low NOx burners require a higher 
differential pressure during operation at 
higher loads than pre-retrofit. Forced 
draft fan capacity should be evaluated. 
In addition, CO emissions monitoring is 
desirable to provide an early indication 
of combustion inefficiency. These addi
tional costs and adverse side-effects 
such as increased water-wall corrosion 
and loss on ignition arc not necessarily 
accounted for in the cost estimates 
discussed above. 


White and Thcmig (1993) gave a 
good example of how site-specific con
ditions and boiicr size can affect the cost 
of retrofitting existing plants with low 
NOx burners combined with over fire 
air. Total NOx compliance project cost~ 
using low NOx burners combined with 
over fire air arc estimated to be about 
$6.5 millions for the 600 MWc Baldwin 
plant, about $7.9 millions for the 
210 MWe Hennepin plant, and $3.5 
millions for the JOO MWc Vermilion 
plant. l11c specific capital costs of the 
600 MWc plant arc the lowest 
($11/kWe) due to economy of scale 
while those of the 2 IO MWe Hennepin 
(unit 2) coal-fired power station arc the 
highest ($38/kWe) due to the relatively 
large number of burners. In the 
210 MWc plant, about 65% of the capi
tal costs are associated with the supply 
and installation of low NOx burners 
combined with over fire air. The re
mainder of the capital costs relate to 
control system for low NOx burners 
combined with over fire air and the bal
ance for plant modifications. Other sites 
may require more extensive retrofits at 
greater cost. 


3.2 Flue gas treatment 
Flue gas treatment for NOx reduc


t ion in coal-fired power stations 
includes selective catalytic reduction 
(SCR) and selective non-catalytic re
duction (SNCR), which are used alone 
or in combination with combustion 
modifications. These processes rely on 
the selective chemical reactions be
tween ammonia or urea with NOx. 
reducing NOx into nitrogen and water. 
At high flue gas temperatures 
(900-1200°C), a catalyst is not needed 
for the reaction to take place (SNCR). A 
catalyst is required at lower tempera
tures (300-400°C) (SCR). SNCR 
systems only reduce NO emissions but 
not N02 emissions, unlike SCR. How
ever, in most circumstances, N02 
emissions from a coal-fired boiler ac
count for $5% of the total NOx 
emissions because NO is converted rap
idly to N02 in the atmosphere. 


SCR 


SCR is the most effective NOx con
trol technology but is relatively 
expensive. Its development started in 
the mid- I 960s. Since then, more than 
400 SCR units have commenced com
mercial operation on coal-, oil-. 
gas-fired boilers in many countries. Of 
these 230 units have been installed on 
coal-fired power stations on a total 
capacity of over 65 GWc (IEA Coal 
Research, l 994b). The reliability of op
eration has improved significantly after 
some problems during the initial stage 
of commercialisation. SCR has been 
used mainly in Austria, Germany, and 
Japan where combustion modifications 
are not sufficient to meet the stringent 
NOx emissions limits (generally less 
than I 00 ppmv). More than 120 units 
(30 GWe) have been retrofitted with 
SCR in Germany since the introduction 
of the large furnace ordinance 
(GFAVO) in 1983. SCR has been used 
in 97% of the total capacity of hard 
coal-fired power stations in Germany. 
The rest use SNCR or the activated 
carbon process. Combustion modifica
tions have usually been sufficient to 
meet NOx emission limits on brown 
coal-fired boilers and arc used on 94% 
of the total capacity of 10 GWe. SCR 
and the activated carbon process are 
installed on only 6% of brown coal
fired power stations in Germany 
(Hiittenhofer and others, 1993). In 
Japan, more than 40 SCR units are 
operating on about 11 GWe of coal
fired capacity, most of the coal-fired 
power stations in Japan (Cochran and 
others, 1993 ). 


Interest in SCR has arisen recently 
in the USA as NOx regulations have 
become more stringent in some states. 
The first commercial SCR units for 
coal-fired power stations in the USA arc 
starting on new plants at the 224 MWe 
Carney Point cogeneration plant in 
1994 (Coal Tech International, I 994), 
followed by the 200 MW e Keystone 
cogeneration plant, New Jersey in 1994 
(Khan, 1993). A SCR process is also 
being retrofitted at the Mercer, unit 2 
coal-fired power station in Trenton, 
New Jersey, USA. There is concern as 
to whether SCR experience in Germany 
and Japan is applicable to US utility 
plants. Two major uncertainties remain. 
First, US utility power plants operate 
under more variable loads. Second, the 
concentrations of sulphur, ash, and trace 
clements in US coals differ from those 
ih coals used in Germany and Japan. 
The sulphur content of coals used in 
Germany and Japan arc generally low 







Table 7 Costs of SCR for NOl control 


Boiler Boiler NO, Costs Retrofit Remarks Reference 


size, type reduction, Capital Leveliscd or new 


MWe % SlkWe mills/kWh Sit of NO, 
removedtf 


200 Wall 70-80 148 - 15~1650 Retrofit t 


200 Tangential 70-80 148 - 2310-2640 Retrofit + 
... 


200 Wall 70-80 148 - 2310-2640 Retrofit with CM ' 
200 Tangential 70-80 148 - 2970-3520 Retrofit with CM t 


50-70 New 
... 


250 - 80 - - T 


250 - 80 150-200 - - Retrofit + 
460 Wall 47 70 4.14 - New 5 ppmv NH3 slip with CM , 
460 Wall 47 77 3.12 - New 2 ppmv NH3 slip with CM , 
100 Wall 80 122 6.74 2358 Retrofit 5 year catalyst life § 


300 Wall 80 88 5.15 1803 Retrofit 5 year catalyst life § 


500 Wall 80 80 4.8 1681 Retrofit 5 year catalyst life § 


300 Wall 80 88 5.83 2043 Retrofit 3 year catalyst life § 


300 Wall 80 88 4.86 1701 Retrofit 7 year catalyst life § 


300 Wall 80 89 5.23 1832 Retrofit $17,700/m3 catalyst price § 


300 Wall 80 94 5.64 1977 Retrofit $ l 4, IOO/m3 catalyst price § 


500 Tangential or wall 80 77.7 5.32 3773 New 5 ppmv NH3 slip, with CM .. 
500 Tangential or wall 80 86.9 5.91 4192 New 2 ppmv NH3 slip, with CM •• 
500 Cyclone 80 125.2 8.17 1213 Retrofit 5 ppmv NH3 slip .. 
500 Cyclone 80 140.1 9.08 1350 Retrofit 2 ppmv NH3 slip •• 
500 Tangential or wall 80 105.5 6.54 3035 Retrofit 5 ppmv NH3 slip .. 
500 Tangential or wall 70 96.1 5.88 4681 Retrofit 2 ppmv NH3 slip, with CM .. 
soo• Tangential or wall 80 140.2 6.78 3143 Retrofit 5 ppnw NH3 slip •• 
700 - 80 80 4.5 - - 3 ppmv NH3 slip +t 
700 - 80 65.7 3.7 - - 3 ppmv NH3 slip, with CM tt 


• tail-end, the rest hot-side CM combustion modifications ++ converted from short tons 


t Castaldini and others, 1993 § Kaplan and others, 1993 ... Khan, 1993 • • Robie and others, 1991 + , Cochran and others, 1993 tt Ando, 1991 


(less than 1.2%). High S02 concentra
tions may result in high S03 emissions 
due to oxidation induced by the catalyst. 
Unwanted reactions between S03 and 
ammonia slip from the SCR unit may 
form ammonium bisulphate, a sticky 
substance which can increase the forced 
outage rate (Cochran and others, 1993). 
A SCR catalyst with a low S02 oxida
tion rate has been developed in Japan 
(Mouri, 1994 ). 


SCR can be classified into three 
systems, based on the location of the 
SCR reactor: 


• high dust location - the catalyst 
located at the outlet of the econ
omiser in front of the air 
preheater; 


• low dust location - the catalyst 
located after a hot-side ESP and 
before the air preheater; 


• tail-end location - the catalyst 
located after the particulate con
trol device and FGD system, and 
following a gas-to-gas rehcater. 


The high dust location is the most 
popular option and used at about 65% 
of the capacity worldwide. Low dust 
location requires a hot-side ESP (high 
temperature ESP) to reduce erosion in 


the SCR catalyst. This location has sel
dom been chosen in Germany because 
of the problems and expense of high 
temperature ESP. However, in Japan 
the low dust location is used at about 
25% of the capacity to give greater 
flexibility in use of different types of 
coal in Japan. Tail-end location is used 
in cases where space is restricted. The 
tail-end location is preferred for wet 
bottom boilers where vapour phase ar
senic accumulating in the flue gas due 
to ash recycling can deactivate the SCR 
catalyst. Tail end location requires a 
gas-to-gas reheater with supplementary 
gas- or oil-firing in order to reheat the 
flue gas from the FGD temperature 
(50-60°C) to the SCR reaction tempera
ture (300-400°C). This gas-to-gas 
reheater results in a lower energy con
version efficiency. The tail-end location 
is used at 34% of capacity in Gem1an 
plants (!EA Coal Research, l 994b) but 
is not used in Japan (Mouri, 1994). 


The NOx removal efficiency of an 
SCR system is generally 70--90% at a 
NHJINOx molar ratio of about 0.7-0.9 
in any SCR location, depending on the 
NOx reduction requirements. Some 
plants operate at lower efficiency. for 


t 


example 50%, which is enough to meet 
the emission requirements of the plant. 
The efficiency is detemiined by adjust
ing the catalyst volume (number of 
catalyst layers), minimising the capital 
and operating costs for NOx control. 


Costs of SCR reported by various 
authors arc listed in Table 7. Of these 
evaluations, the results of a detailed sen
sitivity study conducted for EPRI by 
Robie and others ( 1991) are shown in 
Figure 5. Details of actual SCR costs 
from three different types of commer
cial coal-fired power stations in Austria, 
Gem1any and Japan are given in Table 8 
although direct comparison of the costs 
is difficult due to the different start-up 
years and the different currencies in
volved (Rosenberg and Oxley, 1993). 


Capital costs of SCR range from 
$70/kWe to 90/kWc for new plant 
(tangential- or wall-fired plant) and 
$100-150/kWe for existing plant (see 
Table 7). Hence, installing SCR on new 
plant costs much less than a retrofit on 
existing plant. The study conducted by 
Bechtel (Khan, 1993) found that SCR 
requires considerable modifications for 
the majority of coal-fired power sta
tions. This evaluation showed that the 
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a) Capital costs b) Levelised costs 
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Cost items: Cost items: 


• contingency 


• facilities, ENG, FEE 


• ID fan, W&WM reheat 


D air heater/GGH 


D structural 


• duct~ork 
D NH 3 storage 


D reactor/catalyst 


D fixed charges 


D variable O&M 


- fixedO&M 


Case 
2.0 new. tangential, 5 ppmv NH3 slip 
2.1 new, tangential, 2 ppmv NH3 slip 
3.0 retrofit, cyclone, 5 ppmv NH3 slip 
3.1 retrofit, cyclone, 2 ppmv NH3 slip 
4.0 retrofit, tangential 
4.1 retrofit, tangential, combustion modifications 
5.0 retrofit, tail end (includes credit for a 10"C steam reheat system) 


Figure 5 A sensitivity study of SCR costs (Robie and others, 1991) 


capital costs of the retrofit SCR case 
($150-200/kWe) were three times more 
than for new plant ($50-70/kWe). The 
incremental costs in retrofitting are 
mainly caused by limited space for the 
SCR reactor and several modifications 
required on existing equipment such as 
the air heater and induced draft fans. 
The difficulty of retrofit varies with the 
power station configuration, SCR sys
tem location, fuel type, ammonia slip 
specified and emission control require
ments. Air heaters downstream of SCR 
can be modified to manage deposits of 
ammonium sulphate and bisulphate 
from high dust and low dust SCR units. 
Several measures may be used for ex
ample, increasing the capacities of the 
sootb\owers and on line water wash as 
well as modifications to the system con
figuration. The existing induced draft 
fans can be upgraded or replaced to 
overcome the additional pressure drop 


due to the SCR reactor (Robie and 
others, 1991 ). The power consumption 
due to the pressure drop in the SCR 
system may reduce the total electrical 
conversion efficiency of the coal-fired 
boiler by 0.2-0.3% according to 
German experience (Salvaderi and 
others, 1992). The effect of tail-end 
SCR location on existing equipment 
may be much less severe than that of 
high or low dust SCR location. 
Although extra equipment must be 
added, modification of the air heater is 
not necessary in the tail-end location. A 
retrofit factor is very site-specific and 
an average value is not available. 


The levelised costs of SCR range 
roughly from 5 mills/kWh to 
6 mills/kWh for new plant and 
5 mills/kWe to 9 mills/kWe for retrofits 
achieving 70-85% NOx reduction, 
depending on the boiler type, catalyst 
life and limit on ammonia slip 


(Kaplan, 1993; Robie and others, 
1991). The levelised costs are 
3. I 2-4.14 mills/kWh for new plant 
with 47% NOx reduction requirements 
because of the lower catalyst volume 
(Cochran and others, 1993). The 
levelised costs are 8.17-9.08 mills/kWh 
for cyclone-fired boilers due to the 
greater quantity of catalyst and ammo
nia required to deal with the high, 
uncontrolled NOx emissions. However, 
the levelised costs of cyclone-fired 
boiler are the lowest in terms of $/t of 
NOx removed for a given NOx removal 
efficiency. Levelised costs in terms 
of mills/kWh may be more practical 
than those in $/t of NOY. removed unless 
there is a market for emissions trading. 


It is interesting to compare the costs 
of high dust and low dust SCR with 
those of tail-end SCR. The greatest fac
tor affecting SCR capital costs is the 
location of the SCR reactor. In the study 







Table 8 Cost comparison of three types of SCR system (Rosenberg and Oxley, 1993) 
The following section outlines the 


factors to reduce SCR costs, especially 
SCR catalyst costs. The factors affect
ing SCR costs are as follows: Power plant 


Syslelll parameter Mellach, Austria 


Construction type Retrofit 
System designer Mitsubishi Heavy 
Type of system High dust 
Type of catalyst Ceramic honeycomb 
Catalyst pitch, mm 7 
Catalyst composition V20sfW03 on Ti~ 
Plant size, MWe 264 
SOi concentration, ppmv 770 
Space velocity, h-1 2,530 
Operating temperature, 0 c 399 
Inlet NO,, ppmv 490 
NHJINO, mole ratio 0.86 
NO, removal, % >80 
NH3 slip, ppmv dl.3 
SOi oxidation, % <0.8 
Catalyst life, h 16,000• 
Start-up date Oct 1986 


Capital cost, SlkWc 103 
Operating cost, mills/kWh 1.7 
Lcvelised cost, mills/kWh 5.4 


• guaranteed value 
t actual value 


by Robie and others (1991), catalyst 
costs constitute the greatest proportion 
of SCR capital costs, representing about 
40-50% of the capital costs in high dust 
and low dust SCR (see Figure 5a). In 
tail-end SCR. the catalyst cost repre
sents about 17% of the capital costs 
while the gas-to-gas reheater used for 
heating-up the flue gas for SCR is the 
most costly item. The levelised costs of 
high dust and low dust SCR 
(6.54 mills/kWh) are expected to be 
similar to those of tail-end SCR 
(6.78 mills/kWh) (see Figure 5b). The 
fixed charges represent about 50% of 
the total levelised costs for the high dust 
and low dust application (see 
Figure 5a). The greatest component of 
the fixed charge is the recovery of capi
tal costs for the reactor and catalyst. The 
variable O&M costs also represent 
about 50% of total levelised costs for 
high dust and low dust SCR. The main 
items of variable O&M costs involve 
SCR catalyst replacement, ammonia 
consumption, ammonia vaporisation 
steam, incremental power consumption 
for induced and forced draft fans and 
ESP, and air preheater efficiency loss. 
The most significant component for vari
able O&M is the cost of catalyst 
replacement. For tail-end SCR, the fixed 
charges represent about 65% of the total 
levelised costs and the natural gas cost 
(for reheating the flue gas) is the most 
significant O&M costs item. The 


Takehara, Japan Karlsruhe, Gennany 


New Retrofit 
Babcock-Hitachi Deutsche Babcock 
Low dust Tail end 
Metal plate Ceramic honeycomb 
10 3 
Proprietary V20s onTi02 
700 75 


500 <70 
2,370 5,170 
371 321 
250 800 
0.82 0.89 
80 88 
I <II 
<0.5 <0.3 
79,000t 24,000* 


Mar 1983 Mar 1989 


23 100 
(.4 1.8 
2.2 5.1 


levelised costs for tail-end SCR include 
a credit of 0.93 mills/kWh. The credit is 
for eliminating the costs for reheating 
the flue gas downstream of the wet 
FGD. The reheat credit will not be 
applicable to sites where flue gas reheat 
is not used on wet FGD systems. Cata
lyst life for tail-end SCR may be longer 
than for high dust and low dust SCR 
because fly ash and S02 are removed 
before the SCR system (Robie and others, 
1991). 


• catalyst quantity; 
• catalyst price; 
• catalyst life; 
• inlet NOx concentrations; 
• NOx removal requirements; 
• ammonia slip requirements; 
• boiler size and type; 
• retrofit difficulty; 
• S02 to S03 conversion rate. 
111e catalyst costs, representing a 


large proportion of the SCR costs, are 
determined by the catalyst price and the 
volume of catalyst required (number of 
layers). The volume of catalyst required 
depends on the N0:11; removal, inlet NOx 
concentrations (boiler types) and am
monia slip requirements. Limiting the 
ammonia slip to a desired low level 
requires additional catalyst volume to 
ensure complete reaction of all the 
ammonia present. 


An effective route to reducing the 
costs of SCR is to lower the volume of 
catalyst required to achieve a specified 
NOx reduction and ammonia slip. This 
can be achieved by first decreasing the 
uncontrolled NOx emissions using 
combustion modifications. Table 9 
shows the effect of inlet NOx concentra
tion on SCR costs for a 700 MWc 
coal-fired power station in Japan 
(Ando, 1990). An inlet NOx concentra
tion of 250 ppmv is achieved by 
combustion modifications. Ammonia 
slip is 3 ppmv. Lower inlet NOx 
concentrations are calculated to save 
$14.3/kWe in capital costs and 
0.8 mills/kWh in levelised costs. In the 


Table 9 Effect of inlet N01 concentration on SCR costs (Ando, 1990) 


Inlet NO, concentration, ppmv 


400 250 


Capital costs, $ million 
Catalyst 36 27 
Others 20 19 


Total 56 46 
Specific capital costs, SlkWe 80 66 


O&M costs,$ million 
Catalyst replacement 7.20 6.90 
Power consumption 1.13 1.03 
Anunonia 2.20 1.34 
Others 1.20 1.10 


Total 11.7 10.4 


Fixed charge on capital, S million 7.80 6.90 
Total levelised costs, S million 19.2 15.8 
Total levelised cosls, mills/kWh 4.5 3.7 


assumes a catalyst price of S30,000Jm3; catalyst life of 5 y; power consumption 0.2% of boiler 
output 
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study by Robie and others ( 1991 ), com
bustion control to reduce the SCR NOx 
reduction requirement from 80-70% re
sults in a reduction of the SCR capital 
costs by $9.4/kWe and the leve\ised 
costs by 0.66 mills/kWh. The overall 
benefit of combining SCR with com
bustion modifications on the total costs 
of NOx control can be judged after tak
ing account of site-specific conditions. 
Most power stations in Japan have com
bined SCR with combustion 
modifications because of the favourable 
economics (Ando. 1990). According to 
Kitto ( 1994), the market price of 
catalysts ranges from $ l 6.000/m3 to 


20,000/m3. 
Since 1985. the costs of catalysts in 


Europe have decreased by a factor of 
about 2.5. primarily due to competition 
among suppliers. A reduction in the 
price of catalyst from $23,300-
15,900/m3 (32% reduction) is estimated 
to reduce the levelised costs by 15% for 
high dust and low dust SCR (Robie and 
others, 1991 ). In a study by Kaplan 
( 1993 ), a reduction in the price of cata
lyst from $17,700-14,100/m3 (20% 
reduction) is estimated to decrease the 
levelised costs from 5.64-
5.23 mills/kWh (7%) (see Table 7). The 
market price of SCR catalyst ranged 
from $14,000/m3 to $ l 6,000/m3 in 
Europe (Robie and others, 1991 ). The 
actual price would be determined by 
negotiation between users and 
suppliers. 


Catalyst life has a great effect on the 
economics of SCR. Deactivation can 
result from fouling, mechanical failure, 
plugging, poisoning, and thermal 
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degradation of the catalyst over time. As 
the catalyst becomes less reactive, the 
quantity of ammonia for constant NOx 
removal increases, resulting in an in
crease in ammonia slip. When the 
ammonia slip exceeds the limits set, for 
example 5 ppmv, the catalyst is re
placed (Behrens and others, 1991 ). 
Catalyst life is generally guaranteed for 
two years for initial catalyst charges 
with a limit of ammonia slip of 5 ppmv 
in Europe and Japan. The catalyst life 
for tail-end SCR is longer than that for 
high dust and low dust SCR because the. 
flue gas is cleaned before entering the 
SCR unit. Weiler (1994) expects to 
achieve over 5 years for tail-end SCR 
compared with over 3 years for high 
dust SCR, both with ammonia slip 
limited to 1-1.5 mg/m3 for ash reuse. In 
a sensitivity study by Robie and others 
(1991 ), an increase in catalyst life from 
2-4 years could reduce the levelised 
costs by 30% for high dust and low dust 
SCR. Kaplan (1993) estimated that an 
increase in catalyst life from 3-7 years 
resulted in a reduction in levelised costs 
from 5.83-4.86 mills/kWh, about 20%. 


Sophisticated management by par
tially replacing the catalyst can lengthen 
catalyst 1 ife to the range of 3 to 11 years 
for a coal-fired power station. Figure 6 
illustrates a typical catalyst manage
ment programme. Initially, the totally 
new catalyst charge is capable of meet
ing the design performance objective. 
This initial catalyst charge deactivates 
fairly uniformly. It is preferable to add 
a new catalyst layer, rather than fully 
replace the catalyst while the activity 
levels of the initial catalyst charge is 


3 4 5 


SCR catalyst operating years 


Figure 6 Management of SCR catalyst replacement (UNIPEOE, 1992a) 


still relatively high (50-70%). This re
sults in more complete use of the 
remaining catalyst activity. For exam
ple, if a three layer catalyst charge 
(initial charge) is supplemented with a 
fourth layer (new layer), after 2 or 
3 years it is expected that the average 
replacement frequency of the overall 
catalyst (three layer) would be 6 to 11 
years, depending on specific deactiva
tion rates. The catalyst management 
programme substantially lowers life 
cycle costs for an SCR system (Cochran 
and others, 1993 ). 


Ammonia slip requirements also af
fect SCR costs. Ammonia slip is an 
adverse side-effect of SCR and is gen
erally controlled below 5 ppmv to 
prevent formation of ammonium bisul
phate. From recent German experience. 
ammonia slip greater than 2 ppmv 
would result in noticeable odour in the 
fly ash and may result in rejection by the 
cement industry. Decreasing the 
ammonia slip from 5-2 ppmv increases 
the costs of SCR due to the larger 
amount of catalyst required. Robie and 
others (1991) estimate that a decrease in 
ammonia slip from 5-2 ppmv results in 
an increase in the capital costs by about 
12% and in levelised costs by about 
11 %. In the study by Cochran and others 
( 1993 ), a decrease in ammonia slip from 
5-2 ppmv increases the capital costs by 
10%. For many power stations this 
would decrease the levelised costs from 
4.14-3.12 mills/kWh (by 25%) because 
5 ppmv ammonia slip is estimated to 
Jose half of the sale of fly ash and to add 
the costs of fly ash disposal. 


An advanced design of SCR or 'the 


exchange 1 layer 


6 7 8 9 
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DeNOx air preheater' was recently 
demonstrated by the Rothemiihle and 
the Siemens companies in Germany. 
The SCR catalyst was installed in the 
two existing air preheaters in the 
200 MWe Buggenum coal-fired power 
station in the Netherlands. This has 
achieved a NOx reduction efficiency of 
30-50% with an ammonia slip of 
5 ppmv with capital costs of $30-
35fkWe. This DcNOx air prehcater has 
the advantage of not requiring addi
tional space and a separate casing to 
accommodate the catalytic reactor. This 
system has been developed for plants 
with retrofit difficulties for SCR. At 
present, more research is needed to im
prove the NOx reduction efficiency and 
to reduce ammonia slip (Hiittenhofcr 
and others, 1993). In addition, N20 
emissions should be monitored because 
an increase in N20 emissions from SCR 
at higher temperature ( 400-550°C) was 
pointed out by De Soete (1993) and 
Yokoyama (1993). 


SNCR 


The SNCR process is commercially 
implemented and in continuing opera
tion on more than 50 units. Most of 
these units are small industrial boilers, 
mainly using oil or waste, and FBC 
plants. Application to large-scale coal
fired power stations is limited although 
a number of demonstration projects 
have been conducted. Four large coal -
fired power stations in Europe have 
been equipped with SNCR. A feature of 
SNCR is that the NOx removal effi
ciency is unit-specific. ranging from 
30% to 50%. This is because the per
formance is sensitive to mixing 
conditions of the reagent (ammonia or 
urea) and flue gas, temperature, resi
dence time and the uncontrolled NOx 
concentration. It is not easy to maintain 


Table 10 Costs of SNCR for NOx control 


Boiler Boiler NO, Costs 
size, type reduction, Capital 
MWe % "We 


300 Wall 50 10 
500 Wall 50 8 
100 Wall 50 18 
300 Wall 50 II 


200 Wall 30 - 50 18 
200 Tangential 30 - 50 18 
200 Wall 25 - 40 18 
200 Tangential 25 - 40 18 
460 Wall 47 28 


• converted from short tons 


the NOx reduction over the whole range 
of boiler load. 111e successful applica
tion of SNCR depends to a high degree 
on specific boiler conditions. This 
means that detailed investigations are 
needed in order to determine whether 
SNCR can be successful (UNIPEDE. 
I 992b). Ammonia slip is much higher 
(I 0-30 ppmv) in SNCR than that in 
SCR (less than 5 ppmv). Because of the 
low NOx reduction and the low reliabil
ity of operation, SNCR is seldom used 
for coal-fired power stations. Recently, 
SNCR has been used for several large
scale coal-fired FBC to meet stringent 
NOx emission limits. This is because a 
higher NOx reduction efficiency is 
achieved in FBC (60-80%) by SNCR 
due to the longer residence time and 
uniform temperature distribution in 
FBC. Since by-products from FBC are 
generally disposed of, more ammonia 
slip may be acceptable for FBC than a 
pulverised fuel boiler. 


Both the capital and levcliscd costs 
of SNCR are generally lower than those 
of SCR. Table I 0 lists costs of SNCR. 
The capital costs of SNCR from many 
studies arc low, ranging roughly from 
$1 O/kWe to $25/kWe, considerably 
lower than those of SCR and rather 
lower than most combustion modifica
tions (Castaldini and others, 1993; 
Cochran and others, I 993; Kaplan, 
I 993 ). The range of capital costs is pri
marily a function of the boiler size and 
the complexity of the injection system 
required. In the study by Kaplan ( 1993), 
the capital costs are expected to 
decrease from $18-8/kWc with an 
increase in boiler size from 
I 00-500 MWc due to the scale effect in 
large-sized plant. However, there arc 
still several technical risks such as un
certainty in maintaining NOx removal 
performance. This may be handled by 
using conservative design measures in 


Remarks 
Lcvclised 
mills/kWh $/tofNO, 


removed• 


1.65 926 urea @ S300/t 
1.57 879 @SJOO/t 
2.03 1137 @ $300/t 
2.4t 1352 @ $445/t 


- 649 - 968 
- 693 - 1045 


selecting the number of reagent injec
tion points. Such conservatism wil I 
necessarily result in additional costs 
(Khan, 1993 ). 


The lcvelised costs range roughly 
from 2 mills/kWh to 4 mills/kWh (see 
Table I 0). The initial investment for 
SNCR is low due 10 the simple configu
ration while the annual operating costs 
arc high. SNCR is sensitive to O&M 
costs, particularly the price of urea/am
monia due to the high urea/ammonia 
consumption at a urca/ammonia:NOx 
molar ratio of about 2-3 for a 30-50% 
NOx reduction. 111e major operating 
costs for SNCR are incurred by reagent 
consumption, power consumption of 
the SNCR system. and the costs of in
cremental power requirements of the 
induced draft fan to compensate for the 
increased pressure drop. 111is occurs 
mainly due to plugging at the air pre
hcater. 


Compared with the costs of SCR, 
both capital and level ised costs of 
SNCR are generally recognised to be 
lower than those of SCR. However, any 
evaluation needs to take account of the 
technical risk associated with SNCR. 
Ammonia slip is much higher in SNCR 
than in SCR for a given NOx reduction 
and has to be kept low to avoid loss of 
tly ash sales. The ammonia slip can also 
cause plugging problems at the air pre
heater leading to an increase in the 
forced outage rate with loss of electric
ity sales. These additional costs would 
increase the levelised costs of SNCR. 


The levelised costs of SNCR com
pared with SCR for a 460 MWe 
coal-fired power station shown in 
Table 11 are from the study by Cochran 
and others (1993). This estimate as
sumes a catalyst life of 7 years, NOx 
reduction of 47% and power consump
tion of0.48% for SNCR and 0.45% for 
SCR. Catalyst costs are included in the 


Reference 


Kaplan and others, 1993 
Kaplan and others, 1993 
Kaplan and others, 1993 
Kaplan and others, 1993 


Castaldini and others, 1993 
Castaldini and others, 1993 


- 836 - 1430 with combustion modifications Castaldini and others, 1993 
- 869 - 1760 with combustion modifications Castaldini and others, 1993 
4.4 - including loss of fly ash sale Cochran and others, 1993 
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Table 11 A breakdown of the levelised costs of SNCR and SCR (Cochran and others, 1993) 


1997 total capital COSIS, £)()()() 


1997 total leveliscd cos!S, $/kWh 
Fixed charge on capital, $1000/y 


1997 O&M COSIS, SI 000/y 
Power consumption 
Maintenance 
Rcagcntconsufllplion 
loss of fly ash sale 
Fly ash landfill 
Forced outage rate increase 


Total 


1997 total levelised coos, $1000/y 


1997 total levelised c~ts, mills/kWh 


maintenance costs. A 2 ppmv ammonia 
slip is assumed for the SCR. A higher 
ammonia slip (10-30 ppmv) in SNCR 
loses the annual sale of fly ash 
($2, I 00,000) and adds fly ash landfill 
costs ($600,000/y). A high ammonia 
slip which can cause plugging problems 
on the air heater, results in an increase 
in forced outage cost to ($4,400,000/y). 
The forced outage rate is assumed to be 
5% of operating hours for SNCR and 
1.25% for SCR in this study. Kaplan 
(1993) estimated lower levelised costs 
(1.57-2.41 mills/kWh), but did not in
clude the increased forced outage rate 
and loss of fly ash sales due to ammonia 
slip. It is difficult to predict how much 
forced outage rate should be included in 
the costs of SNCR. 


The study by Cochran and others 
(1993) also shows that the levelised 
costs ofSCR (3.5 mills/kWh) are rather 
lower than those of SNCR 
( 4.4 mills/kWh) in the case of low NOx 
reduction requirements (49%). 
Campobenedetto and others ( 1993) also 
concluded that the Jevelised costs of 
SCR were less than those of SNCR for 
50% of NOx reduction. 


Another important difference 
between SNCR and SCR from an envi
ronmental point of view is that SNCR. 
especially using urea as the reagent, 
leads to increased N10 emissions 
(0.5-2 ppmv to 2-15 ppmv), depending 
on the reagent injection point or tem
perature profile in the boiler although 
this effect is still not completely quanti
fied. N10 is recognised to have a role in 
ozone depletion in the stratosphere and 
is a potent greenhouse gas. It is not clear 
whether use of ammonia or urea in 
SNC::R for commercial coal-fired power 
statwns offers ~ny benefits with respect 
to NiO formation. Both ammonia and 


SNCR SCR 


12,820 35,390 
27.9 76.9 
1,010 2,800 


1,180 1,090 
380 3,610 


2,000 520 
2,010 0 


600 0 
4,400 1,100 


10,570 6,320 


11,580 9,120 


4.4 3.5 


urea arc being investigated to determine 
any effect on NiO emissions in labora
tory-scale tests. SCR does not affect or 
may slightly reduce N10 emissions un
der the normal operating temperature 
range of 300-400°C although it in
creases NiO emissions at higher 
temperatures ( 400-550°C) (Takeshita 
and others, 1993). IfN20 emissions are 
regulated, additional costs will be 
needed to reduce the emissions. No cost 
evaluation of N10 reduction measures 
have been published. 


A combination of SNCR with SCR 
can reduce both ammonia slip and cata
lyst volume. A reagent is injected as far 
as possible into the outlet of the boiler 
in order 10 maximise the SNCR effect 
and the resulting ammonia slip is 
neutralised by the SCR unit. This con
cept has been used on the 135 MWe 
Viirtan pressurised fluidised bed plant 
in Sweden (Dahl, 1993) and is currently 
being demonstrated at the PSE&G 
Mercer plant in the USA (Castaldini, 
1994). The operating costs associated 
with reagent consumption and power 
consumption must be evaluated against 
any savings in capital costs. This 
concept may offer attractive economic 
advantages in some cases, for example, 
where existing SNCR must comply 
with more stringent NOx emission 
limils. 
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Affected Boundaries: ARVAH B. HOPKINS GENERATING STATION 


+Boundary (Class 1


Area or US Border


Name): Bradwell Bay


Boundary Type (Class 1


or Intl Border): CLASS1


Distance: < 100 km 


Class 1 Area State: FL


+Boundary (Class 1


Area or US Border


Name): Saint Marks


Boundary Type (Class 1


or Intl Border): CLASS1


Distance: < 100 km 


Class 1 Area State: FL


   


Facility-wide Emissions: ARVAH B. HOPKINS GENERATING STATION 


+Pollutant Name: Carbon Monoxide


Facility-wide Emissions


Increase: 37.5000 (Tons/Year)


+Pollutant Name: Nitrogen Oxides (NOx)


Facility-wide Emissions


Increase: 52.2000 (Tons/Year)


+Pollutant Name: Particulate Matter (PM)


Facility-wide Emissions


Increase: 64.2000 (Tons/Year)


+Pollutant Name: Sulfur Oxides (SOx)


Facility-wide Emissions


Increase: 43.4000 (Tons/Year)


+Pollutant Name: Volatile Organic Compounds (VOC)


Facility-wide Emissions


Increase: 14.1000 (Tons/Year)


Process Information: ARVAH B. HOPKINS GENERATING STATION 


+Process Name: TURBINE, SIMPLE CYCLE (2) FUEL OIL


+Process Type: 15.190


Primary Fuel: FUEL OIL


Throughput: 50.00


Throughput Unit: MW


Process Notes: HEAT INPUT: 434 MMBTU/HR (LHV) AT 29 DEGREES F, 0.05 %







Process Notes: HEAT INPUT: 434 MMBTU/HR (LHV) AT 29 DEGREES F, 0.05 %


FUEL OIL. HOURS OF OPERATION 5840 HOUR PER YEAR, 4000


HOURS MAY BE ON DISTILATE FUEL OIL. MODEL GENERAL


ELECTRIC LM6000PC SPRINT


   


Pollutant Information: ARVAH B. HOPKINS GENERATING STATION - TURBINE, SIMPLE


CYCLE (2) FUEL OIL 


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: LOW SULFUR FUEL (0.05% S) FUEL SAMPLING EACH DELIVERY


Emission Limit 1: 10.3100


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2004


Pollutants/Compliance


Notes:


HOURS OF OPERATION 5840 DURING ANY CONSECUTIVE 12-HR


PERIOD, 4000 OF WHICH MAY BE ON DISTILLATE FUEL OIL.


   







+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: CLEAN FUEL


Emission Limit 1: 14.9400


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2004


Pollutants/Compliance


Notes:


HOURS OF OPERATION 5840 DURING ANY CONSECUTIVE 12-HR


PERIOD, 4000 OF WHICH MAY BE ON DISTILLATE FUEL OIL.


THE 10 % OPACITY STANDARD IS FOR FUEL OIL (14.94 LB/HR)


AND NATURAL GAS (2.45 LB/HR).


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:







Emission Limit 1: 3.0000


Emission Limit 1 Unit: PPMVD @15% O2


Emission Limit 1 Avg.


Time/Condition: INITIAL ONLY TEST


Emission Limit 2: 2.6600


Emission Limit 2 Unit: LB/H


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: Other Case-by-Case


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2004


Pollutants/Compliance


Notes:


NOT A PSD POLLUTANT. HOURS OF OPERATION 5840 DURING


ANY CONSECUTIVE 12-HR PERIOD, 4000 OF WHICH MAY BE ON


DISTILLATE FUEL OIL.


   


+Pollutant Name Sulfuric Acid (mist, vapors, etc)


Pollutant Group(s): ( InOrganic Compounds , Particulate Matter (PM) ) 


+CAS Number: 7664-93-9


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: LOW SULFUR FUEL 0.05 % S CONTENT


Emission Limit 1: 9.6600


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:







Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: Other Case-by-Case


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2004


Pollutants/Compliance


Notes:


HOURS OF OPERATION 5840 DURING ANY CONSECUTIVE 12-HR


PERIOD, 4000 OF WHICH MAY BE ON DISTILLATE FUEL OIL


(0.05% S).


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: B


+Control Method


Description: WATER INJECTION SYSTEM, SCR


Emission Limit 1: 5.0000


Emission Limit 1 Unit: PPMVD @15% O2


Emission Limit 1 Avg.


Time/Condition: 24 HOURS BLOCK AVERAGE


Emission Limit 2: 8.6700


Emission Limit 2 Unit: LB/H


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 5.0000


Standard Emission


Limit Unit: PPM @15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD







Other Applicable


Requirements: NSPS , MACT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: N


+Percent Efficiency: 80.000


Compliance Verified: Unknown 


Cost Effectiveness: 6,700 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2004


Pollutants/Compliance


Notes:


HOURS OF OPERATION 5840, DURING ANY CONSECUTIVE


12-HR PERIOD, 4000 OF WHICH MAY BE ON DISTILLATE FUEL


OIL. 


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: A


+Control Method


Description: OXIDATION CATALYST


Emission Limit 1: 6.0000


Emission Limit 1 Unit: PPMVD @ 15 % O2


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 6.3500


Emission Limit 2 Unit: LB/H


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 6.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: Other Case-by-Case


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 







Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2004


Pollutants/Compliance


Notes:


HOURS OF OPERATION 5840 DURING ANY CONSECUTIVE 12-HR


PERIOD, 4000 OF WHICH MAY BE ON DISTILLATE FUEL OIL. 


   


+Pollutant Name Visible Emissions (VE)


Pollutant Group(s):


+CAS Number: VE


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: CLEAN FUEL


Emission Limit 1: 10.0000


Emission Limit 1 Unit: % OPACITY


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 10.0000


Standard Emission


Limit Unit: % OPACITY


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   







Process Information: ARVAH B. HOPKINS GENERATING STATION 


+Process Name: TURBINE, SIMPLE CYCLE, NATURAL GAS, (2)


+Process Type: 15.110


Primary Fuel: NATURAL GAS


Throughput: 50.00


Throughput Unit: mw


Process Notes: HEAT INPUT 445 MMBTU/H (LHV) AT 29 DEGREES F. HOURS OF


OPERATION: 5840, 4000 HOURS MAY BE FUEL OIL. GENERAL


ELECTRIC LM6000PC SPRINT.


   


Pollutant Information: ARVAH B. HOPKINS GENERATING STATION - TURBINE, SIMPLE


CYCLE, NATURAL GAS, (2) 


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: B


+Control Method


Description: WATER INJECTION SYSTEM, SCR


Emission Limit 1: 5.0000


Emission Limit 1 Unit: PPMVD @15% O2


Emission Limit 1 Avg.


Time/Condition: 24 H AVERAGE


Emission Limit 2: 8.6200


Emission Limit 2 Unit: LB/H


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 5.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: NSPS , MACT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 6,700 ($/ton)


Incremental Cost







Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2004


Pollutants/Compliance


Notes:


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: CLEAN FUELS


Emission Limit 1: 2.4500


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Carbon Monoxide







Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: A


+Control Method


Description: OXIDATION CATALYST


Emission Limit 1: 6.0000


Emission Limit 1 Unit: PPMDV @ 15% O2


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 6.2700


Emission Limit 2 Unit: LB/H


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 6.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: Other Case-by-Case


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: LOW SULFUR FUEL: NATURAL GAS


Emission Limit 1: 1.1300


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.







Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 3.0000


Emission Limit 1 Unit: PPMVD @15% O2


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 1.7900


Emission Limit 2 Unit: LB/H


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission







Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: Other Case-by-Case


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Acid Mist / Gases


Pollutant Group(s): ( Acid Gasses/Mist , Particulate Matter (PM) ) 


+CAS Number:


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: LOW SULFUR FUEL (NATURAL GAS)


Emission Limit 1: 1.1500


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: Other Case-by-Case


Other Applicable


Requirements:


Did factors, other then







Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Visible Emissions (VE)


Pollutant Group(s):


+CAS Number: VE


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: CLEAN FUEL


Emission Limit 1: 10.0000


Emission Limit 1 Unit: % OPACITY


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 10.0000


Standard Emission


Limit Unit: % OPACITY


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:







Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:
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Abstract


There is valuable operating experience in the United States with Selective Catalytic Reduction
NOx emission control on coal-fired boilers.  Several systems have started up within the last
couple of years.  Experience on two of these systems will be examined in this paper.


The authors will present and discuss the following relevant topics:


• full-scale SCR system design considerations in context with expected boiler operation;
• SCR system start-up and performance over the first several years of operation;
• how SCR catalyst management and recent catalyst addition are currently providing operating


flexibility for these boilers;
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• how SCR system and catalyst enable economic and more efficient boiler operation with
reduced LOI levels;


• life-cycle costs analysis of SCR operation and catalyst management.


Background


The Logan Generating Plant and the Indiantown Generating Plant are managed and
operated by U. S. Generating Company (US Gen).  Each plant uses selective catalytic
reduction (SCR) technology to reduce NOx emissions.  They, along with the Carney’s
Point Generating Plant, are the first coal burning plants to utilize full-scale SCR
technology in the United States.


USGen is a wholly owned subsidiary of Pacific Gas and Electric Corporation.  USGen
currently owns, operates and manages seventeen plants generating up to 3,400 MWe.
These plants sell electricity and process steam to various customers and industrial firms
across the United States.


Logan Generating Plant


The Logan Plant is a 218 MWe net cogeneration plant located in Logan Township,
Gloucester County, New Jersey.  The plant provides electricity to Atlantic Electric.  For
cogeneration, the plant provides up to 50,000 lbs. per hour of process steam and 2
MWe to the Monsanto Delaware River Plant.  Excess electricity is sold to the energy
market through wheeling agreements.  The plant (Figure 1) includes a 2,660 psig
pulverized coal-fired steam generator with the SCR system, a dry scrubber using quick
lime and recycled flyash reagents for sulfur dioxide control, and a reverse air fabric filter
for particulate control.  The plant is a zero-discharge facility in which all process and
waste waters are recycled through a lime/soda ash softener and reverse osmosis
technologies.  Construction began in April, 1992 and the unit started commercial
operation in September, 1994.


Logan Generating Plant received one of the 1995 “Projects of the Year” award from
Power Engineering/Power Engineering International magazines.


Indiantown Generating Plant


The Indiantown Generating Plant (Figure 2) is a 330 MWe net coal-fired, co-generation
plant located in Indiantown, Florida.  The plant sells electricity to Florida Power and
Light and provides up to 125,000 lbs. per hour of steam to Caulkins Citrus.  The steam
generator is rated at 2,400 psig, and the unit includes the SCR system, as well as a dry
scrubber and reverse air fabric filter.  The plant uses agricultural runoff for makeup
water and is a zero liquid discharge facility.  Softeners and evaporation equipment is
installed to recycle and reuse water internally.  Indiantown began commercial operation
in December, 1995.
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SCR System Design


The initial design for Logan Plant included a Selective Non-Catalytic Reduction system
for NOx emission control.  In the final design review stages, the decision was made by
USGen to eliminate the SNCR system and to install Selective Catalytic Reduction for
post-combustion NOx control.  This decision was made for several technical and
commercial reasons.  USGen and the boiler manufacturer became increasingly
concerned with the applicability of SNCR for the Logan plant due to the complexity of
the system and the requirements for load cycling.  There was a higher degree of
confidence with the SCR system from an operational viewpoint.  Combined with
commercial benefits such as improved debt service coverage, shortened construction
schedule, and improved heat rate, USGen concluded that SCR would be a more
effective , and more economical, operating system for controlling NOx emissions.
USGen decided to standardize on SCR technology for the three coal-fired plants at
Logan, Indiantown and Carneys Point.  No changes in the air permits were required as
a result of this design change.


Logan Plant


The SCR system at Logan Plant was designed to control boiler NOx emissions to 0.17
lb/MMBtu, from a NOx loading of 0.27 lb/MMBtu.  Ammonia slip was limited to 5 ppmvd,
corrected to 7% oxygen in the flue gas, at the end of 24,000 operating hours.  141.3 m3


of  Siemens’ SINOx plate catalyst was installed initially in three element layers.  Three
element layers were reserved for spares to accommodate future catalyst management
plans.


Indiantown Plant


The SCR reactor at Indiantown is similarly arranged, except that the initial loading of
Siemens plate catalyst ( 161.4 m3) was installed in 2 element layers.  A 40% NOx
emission reduction was the initial design requirement.  Ammonia slip was also limited to
5 ppmvd, corrected to 7% oxygen.  The primary difference, pertaining to the  SCR
systems, in the two plants lies in the air permits.


Siemens’ SINOx plate catalyst was chosen by the SCR system supplier for installation
at the Logan and Indiantown SCR plants.  Siemens has furnished SCR catalyst in over
100 SCR systems on coal and oil-fired boilers in Europe and the United States, and has
compiled over 1,000,000 operating hours of service since 1988.  The plate catalyst is
preferred for coal-fired applications.  Due to the greater open area compared to
honeycomb structured catalyst, the plate catalyst provides excellent NOx emission
control with a lower pressure drop impact on the unit.  It also is extremely resistant to
both fly ash deposition and erosion.  Additionally the mechanical design of the plate
catalyst affords greater resistance to thermal and mechanical stresses that are normal
for power boiler operation.  The Siemens plate catalyst is very resistant to arsenic
poisoning and can be designed to minimize sulfur oxidation rates.  Operating
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experience with plate catalyst on a variety of boiler types has demonstrated the ability
to provide consistent performance over varying load conditions.


The following table presents the SCR catalyst design information for the Logan and
Indiantown plants.


PLANT LOGAN INDIANTOWN
NOx inlet loading (lb/MMBtu) 0.27 0.25
NOx reduction efficiency (%) 63 40


Ammonia slip (ppmvd@ 7% O2) 5 5
Ammonia slip (ppmvd @ act. O2) 6.2 6.2


Initial Operating period (hr) 24,000 24,000


Operation to date


The SCR systems have performed well over the first few years of commercial
operation.  NOx and ammonia emissions have been maintained under normal
parameters.  Other subsystem deficiencies have affected the overall reliability of the
SCR, but USGen and Siemens have implemented a number of solutions that will
improve long-term operation.


Low-NOx Burners


The low-NOx burners coupled with overfire air systems were designed to minimize NOx
emissions from the boilers, ranging from 0.27 lbs/MMBtu at Logan to 0.30 lbs/MMBtu at
Indiantown.  To date, furnace NOx emissions have generally exceeded 0.30 lbs/MMBtu
at both plants.  These higher than design levels have forced the SCR system to control
the excess NOx in order to maintain compliance with permit requirements.  As a result,
more ammonia has been needed, and this has resulted in higher levels of unreacted
ammonia.


High loss on ignition (LOI) levels in the fly ash have been experienced in both plants, as
a result of the non-performance of the burners.  As boiler NOx was lowered by reducing
excess oxygen, the LOI and carbon monoxide (CO) levels increased.  The Logan boiler
is quite sensitive to changes in excess oxygen, so the boiler has experienced
fluctuations in both NOx and CO emissions.


The situation at Indiantown has been very similar.  The plant has tried tuning the
burners, with the supplier, numerous times in attempts to optimize NOx emissions with
load swings and dispatch requirements.  The optimization program was started by
Bechtel Startup and Foster Wheeler Energy, the company that furnished the plant.  Due
to contractual requirements, the entire program was conducted outside of USGen’s
scope.  USGen was not happy with the results of this program, due to poor boiler
stability, ramping capabilities and overall combustion.  Due to schedule slippage, this
optimization program was condensed into a 2-3 week period.  The results, confirmed by
additional tests, indicated that combustion, and furnace NOx levels, could not be
improved without changes and modifications to other boiler auxiliaries.
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At the Logan Plant, a combustion optimization program was implemented to improve
emissions and reduce fly ash LOI.  Over forty different tests were conducted to
determine the best settings of register dampers, adjustable tips and overfire air
quantities.  USGen was able to determine the following from these series of tests:


1.  Minimization of CO spikes was achieved by closing the two lower fire air ports on the
front wall.


2.  Biased overfire air flow to the rear wall had the most improvement in flyash LOI,
approximately 3%.  However, LOI levels fluctuated between 18 and 28%.


3.  Achieved balanced NOx and oxygen emissions at the economizer outlet test grid.
At full load, NOx was in the range of 0.35 to 0.39 lb/MMBtu.


4.  SO2 to SO3 conversion in the SCR was well below design levels.
5.  Ammonia slip above 5 ppmvdc at the air preheater gas inlet was not detected at the


stack.  The high levels of slip and the frequency of air preheater washes prompted
the addition of another half-layer of fresh catalyst.


USGen discontinued the program due to loss of support from the boiler manufacturer,
but continued to experience both high boiler outlet NOx and high fly ash LOI.
Unfortunately, the Logan boiler was designed with a short distance from the overfire air
ports to the furnace nose arch, approximately 15 feet.  This has resulted in minimal
residence time to completely burn out carbon char.  The end result is high fly ash LOI.
Additional test programs are being planned to optimize combustion by concentrating
efforts on fuel and air management.


Impacts of SCR system performance


The SCR system at either plant was not designed to provide the NOx removal efficiency
required with these new operating conditions.  While the system controlled NOx
emissions to the required levels at each plant, higher ammonia consumption rates were
needed to maintain the appropriate NH3 : NOx stoichiometry. These higher rates, and
the resultant ammonia slip through the catalyst caused some balance of impacts that
were unacceptable to USGen.


Figure 3 illustrates the projected ammonia slip, and associated catalyst management
plan, for the Logan Plant under design conditions.  Separately plotted are several data
points representing measured ammonia slip data at approximately 8,000 hours of
service.  It is clear that the measured data is significantly different from the projected.
This is indicative of a critical imbalance among catalyst volume, NOx loadings,
ammonia consumption and ammonia slip control.


The increased slip led to accelerated rates of air preheater fouling due to ammonium
bisulfate formation.   Both plants began to monitor air heater differential pressure to
determine boiler operating time between air heater washes, and as an indirect
ammonia slip measure.  This information was useful for providing some guidance in
understanding the operation of the SCR system, but clearly it was unsatisfactory for
identifying the primary problem related to the higher than design furnace NOx
emissions.
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Ammonia slip in the gas stream is very difficult to measure accurately on a frequent
basis.  It is common practice in European installations to assess ammonia slip from the
SCR process by quantifying ammonia by weight in the unit’s fly ash.  Trends
established by this process are very similar to those presented in the catalyst
management plans.  The comparative ease of measuring ammonia in this fashion
make it a low-cost alternative to costly testing and monitoring, and it provides a very
predictable indication of ammonia slip.  Both Logan and Indiantown began to use this
measurement in 1996 as a tool for improving system diagnostic capabilities.  It is
Siemens’ experience that 200 ppm of ammonia by weight in the fly ash is a threshold
for most units, in terms of balance of plant impacts.


Indiantown decided to install additional catalyst because it was unacceptable to shut
the unit down every ten weeks to wash the air heater.  During outages to wash the air
heaters so that pressure drop could be lowered, ash sample analyses confirmed that
ammonium bisulfates were the cause of the pluggage.  This formation was the result of
excessive ammonia slip through the SCR.  Indiantown personnel believed the answer
was in the addition of SCR catalyst, but they were uncertain of the reasons.  Support
from the SCR system supplier was lacking, so USGen turned to Siemens for an
understanding of the problem.  It was through these discussions that USGen learned
that the design basis for the SCR system was founded on unrealistic low-NOx burner
expectations.  Working together, USGen and Siemens have resolved the operating
problems.  There has been no need to wash the air heaters in the last nine months of
operation.


Based on the high frequency of air preheater washes, high levels of ammonia in the fly
ash samples and greater than 5 ppmvdc slip while operating near the NOx permit limit,
USGen exercised their option to install fresh catalyst under warranty agreements with
the boiler manufacturer.  A half layer of catalyst was procured and installed during the
September, 1996 annual plant outage.  The half layer was installed beneath an existing
layer.  Following the installation of fresh catalyst, an immediate drop in ammonia in fly
ash levels was noted.  Long term improvements were achieved in reducing air
preheater fouling rates due to slip while slowly reducing NOx emissions below permit
levels.


Figure 4 illustrates the relationships among ammonia slip and catalyst volume as
functions of operating temperature and required NOx reduction efficiency.  The lines
are iso-ammonia slip and would be specific only for a given unit.  Each unit, in other
words, would have a curve appropriate for specific design conditions.  This particular
figure was developed for the Logan Plant and shows the ammonia slip design point at
the 24,000 operating hour point.  To maintain a 5 ppm ammonia slip with an increased
NOx reduction efficiency requirement, either a reduced operating period must be
accepted or additional catalyst must be installed to maintain the 24,000 hour period.


USGen decided to increase SCR catalyst volume at both plants to restore an operating
balance between efficiency and ammonia slip.  The immediate benefits to unit
performance can be seen in Figure 5.  Prior to the installation of the new catalyst,
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ammonia concentrations in the Logan fly ash were approximately 180 to 210 ppm by
weight.  These dramatically dropped to 60 ppm upon startup with the additional volume
of catalyst.


Impacts on long-term performance


USGen is currently evaluating a number of operating options for the Logan and
Indiantown plants, as a result of  these changes in SCR operation.  At both plants, the
long term catalyst management plans have been altered by the need for higher
reduction efficiencies.  This alone has impacted the financial strategies for the plants by
increasing the projected operating costs over a thirty year life cycle.  As can be seen in
Figure 6, the frequency of catalyst replacement is higher compared to the original
design.  These costs are also affected by higher ammonia consumption rates.


It is also known that the design ammonia slip limit of 5 ppmvd at 7% oxygen is probably
too high for consistent boiler operation.  Past performance indicates that the slip should
be limited to 2 or 3 ppmvd to avoid the balance of plant impacts that both Logan and
Indiantown plants have experienced.  Of course this magnifies the projected increase in
long-term operating costs by shortening the intervals between catalyst addition or
exchange.  USGen and Siemens are evaluating several options to determine the most
cost effective ammonia slip and management plan for each plant.


Benefits of the SCR system


However, USGen has also recognized that the SCR system affords a number of
benefits in terms of overall boiler performance.


There is relatively little impact on operations, in that maintenance requirements are
minimal.  USGen has concluded that the cost of SCR is insignificant to the cost of
producing electricity.


Knowing that the SCR system can handle higher NOx loadings than design, USGen
has realized that future operating costs can be mitigated by improvements in boiler
efficiency.  In tuning unit burners to reduce NOx emissions from the furnace,  USGen
has accepted loss on ignition levels in excess of 30%, and a corresponding boiler
efficiency of approximately 86%.  The benefit of the SCR systems is the ability to
accept a higher NOx loading and to allow the boiler to operate at higher efficiencies with
a much lower LOI level.  USGen is currently testing the boilers at Logan and Indiantown
in order to determine the optimal operating points, while letting the SCR system absorb
the fluctuations in NOx loadings.


It is expected that long-term costs can be improved by a reduction in maintenance
associated with burner operation and parts, and boiler corrosion.


USGen has concluded that the SCR systems will maintain compliance while controlling
ammonia slip to optimal levels at each of the plants.  Proper planning will also help US
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Generating choose a catalyst management plan according to the current and  future
operating conditions at each plant, and in conjunction with future unit outages.
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Report Date: 05/05/2010            Control Technology Determinations (Freeform) 


Facility Information: TRACY SUBSTATION EXPANSION PROJECT 


RBLC ID: NV-0035


+Corporate/Company


Name: SIERRA PACIFIC POWER COMPANY


+Facility Name: TRACY SUBSTATION EXPANSION PROJECT


Facility County: STOREY COUNTY


Facility State: NV


Facility ZIP Code: 89434


Facility Country: USA


Facility Contact Name:


Facility Contact Phone:


Facility Contact Email:


EPA Region: 9


Agency Code: NV001


Agency Name: NV DIV OF ENVIRONMENTAL PROTECTION, BR OF AIR


POLLUTION CONTROL


Agency Contact: MR. MATTHEW A. DEBURLE, P.E. 


Agency Phone: (775)687-9391 


Agency Email: MDEBURLE@NDEP.NV.GOV 


Other Agency Contact


Info:


+Permit Number: AP4911-1504


+SIC Code: 4911


NAICS Code: 221112


Facility Registry System


Number: 110000853345


Application Accepted


Received Date:  


Permit Issuance Date: 08/16/2005 ACT


Date determination


entered in RBLC: 09/12/2005


Date determination last


updated: 06/26/2008


Permit Type: A: New/Greenfield Facility 


Permit URL:


Facility Description: 2 - NATURAL GAS FIRED COMBINED CYCLE COMBUSTION


TURBINE GENERATORS WITH HRSG''S AND DUCT BURNERS. 2 -


NATURAL GAS FIRED FUEL PREHEATERS. 1 - NATURAL GAS


FIRED AUXILIARY BOILER


Permit Notes:
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Affected Boundaries: TRACY SUBSTATION EXPANSION PROJECT 


   


Facility-wide Emissions: TRACY SUBSTATION EXPANSION PROJECT 


+Pollutant Name: Carbon Monoxide


Facility-wide Emissions


Increase: 105.7800 (Tons/Year)


+Pollutant Name: Nitrogen Oxides (NOx)


Facility-wide Emissions


Increase: 175.8900 (Tons/Year)


+Pollutant Name: Particulate Matter (PM)


Facility-wide Emissions


Increase: 219.0700 (Tons/Year)


+Pollutant Name: Sulfur Oxides (SOx)


Facility-wide Emissions


Increase: 17.6100 (Tons/Year)


+Pollutant Name: Volatile Organic Compounds (VOC)


Facility-wide Emissions


Increase: 65.8700 (Tons/Year)


Process Information: TRACY SUBSTATION EXPANSION PROJECT 


+Process Name: TURBINE, COMBINED CYCLE COMBUSTION #1 WITH HRSG


AND DUCT BURNER.


+Process Type: 15.210


Primary Fuel: NATURAL GAS


Throughput: 306.00


Throughput Unit: MW


Process Notes:


   


Pollutant Information: TRACY SUBSTATION EXPANSION PROJECT - TURBINE,


COMBINED CYCLE COMBUSTION #1 WITH HRSG AND DUCT BURNER. 


+Pollutant Name Sulfuric Acid (mist, vapors, etc)


Pollutant Group(s): ( InOrganic Compounds , Particulate Matter (PM) ) 


+CAS Number: 7664-93-9


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: BEST COMBUSTION PRACTICES.


Emission Limit 1: 1.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition: SULFURIC ACID MIST







Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2006


Pollutants/Compliance


Notes:


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: A


+Control Method


Description: OXIDATION CATALYST


Emission Limit 1: 3.5000


Emission Limit 1 Unit: PPM @ 15% O2


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 3.5000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.







Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 2,736 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes: INCREMENTAL COST EFFECTIVENESS ($/TON) : 5,472.00


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: A


+Control Method


Description:


OXIDATION CATALYST FOR CO ALSO MINIMIZES VOC


EMISSIONS.


Emission Limit 1: 4.0000


Emission Limit 1 Unit: PPM @ 15% O2


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U







+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: BEST COMBUSTION PRACTICES.


Emission Limit 1: 0.0110


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: NSPS , SIP , OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance







Pollutants/Compliance


Notes:


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: B


+Control Method


Description: SELECTIVE CATALYST REDUCTION W/ AMMONIA INJECTION


Emission Limit 1: 2.0000


Emission Limit 1 Unit: PPM @ 15% O2


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 2.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: OPERATING PERMIT , NSPS 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 13,375 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes: INCREMENTAL COST EFFECTIVENESS ($/TON) : 30,387.00


   


Process Information: TRACY SUBSTATION EXPANSION PROJECT 


+Process Name: BOILER, AUXILIARY


+Process Type: 11.310







Primary Fuel: NATURAL GAS


Throughput: 37.70


Throughput Unit: MMBTU/H


Process Notes: ORIGINAL PERMIT HAD 159 MMBTU/HR AUX BOILER.


PERMITTEE INSTALLED A 37.7 MMBTU/HR BOILER. A REVISED


BACT ANALYSIS CONCLUDED THERE IS NO CHANGE IN THE


PERFORMANCE EMISSION RATES BETWEEN THESE TWO SIZES.


   


Pollutant Information: TRACY SUBSTATION EXPANSION PROJECT - BOILER, AUXILIARY 


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: BEST COMBUSTION PRACTICES.


Emission Limit 1: 0.0040


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0040


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: SIP , OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance







Pollutants/Compliance


Notes:


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: BEST COMBUSTION PRACTICES.


Emission Limit 1: 0.0370


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0370


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: OPERATING PERMIT , NSPS 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: P







+Control Method


Description: BEST COMBUSTION PRACTICES


Emission Limit 1: 0.0360


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0360


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: BEST COMBUSTION PRACTICES.


Emission Limit 1: 0.0050


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.







Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


Process Information: TRACY SUBSTATION EXPANSION PROJECT 


+Process Name: TURBINE, COMBINED CYCLE COMBUSTION #2 WITH HRSG


AND DUCT BURNER.


+Process Type: 15.210


Primary Fuel: NATURAL GAS


Throughput: 306.00


Throughput Unit: MW


Process Notes:


   


Pollutant Information: TRACY SUBSTATION EXPANSION PROJECT - TURBINE,


COMBINED CYCLE COMBUSTION #2 WITH HRSG AND DUCT BURNER. 


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: A


+Control Method


Description: OXIDATION CATALYST SYSTEM


Emission Limit 1: 3.5000







Emission Limit 1 Unit: PPM @ 15% O2


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 3.5000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 2,736 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes: INCREMENTAL COST EFFECTIVENESS ($/TON) : 5,472.00


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: A


+Control Method


Description:


OXIDATION CATALYST FOR CO ALSO MINIMIZES VOC


EMISSIONS.


Emission Limit 1: 4.0000


Emission Limit 1 Unit: PPM @ 15% O2


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0







Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Sulfuric Acid (mist, vapors, etc)


Pollutant Group(s): ( InOrganic Compounds , Particulate Matter (PM) ) 


+CAS Number: 7664-93-9


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: BEST COMBUSTION PRACTICES.


Emission Limit 1: 1.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition: SULFURIC ACID MIST


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: OPERATING PERMIT 


Did factors, other then







Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2006


Pollutants/Compliance


Notes:


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: BEST COMBUSTION PRACTICES.


Emission Limit 1: 0.0110


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: SIP , OPERATING PERMIT , NSPS 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:







Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: A


+Control Method


Description:


SELECTIVE CATALYTIC REDUCTION WITH AMMONIA


INJECTION


Emission Limit 1: 2.0000


Emission Limit 1 Unit: PPM @ 15% O2


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 2.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: NSPS , OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 13,375 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes: INCREMENTAL COST EFFECTIVENESS ($/TON) : 30,387.00


   







Process Information: TRACY SUBSTATION EXPANSION PROJECT 


+Process Name: FUEL PREHEATER #2


+Process Type: 19.600


Primary Fuel: NATURAL GAS


Throughput: 4.00


Throughput Unit: MMBTU/H


Process Notes: FUEL PREHEATERS WERE REMOVED FROM THE PERMIT AS


THEY WERE NEVER CONSTRUCTED.


   


Pollutant Information: TRACY SUBSTATION EXPANSION PROJECT - FUEL PREHEATER #2 


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: BEST COMBUSTION PRACTICES.


Emission Limit 1: 0.0200


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0200


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: SIP 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In







Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: BEST COMBUSTION PRACTICES


Emission Limit 1: 0.1400


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.1400


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0







Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: BEST COMBUSTION PRACTICES


Emission Limit 1: 0.0300


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0300


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: No 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: BEST COMBUSTION PRACTICES


Emission Limit 1: 0.0800


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0







Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


Process Information: TRACY SUBSTATION EXPANSION PROJECT 


+Process Name: FUEL PREHEATER #1


+Process Type: 19.600


Primary Fuel: NATURAL GAS


Throughput: 4.00


Throughput Unit: MMBTU/H


Process Notes: FUEL PREHEATERS WERE REMOVED FROM THE PERMIT AS


THEY WERE NEVER CONSTRUCTED.


   


Pollutant Information: TRACY SUBSTATION EXPANSION PROJECT - FUEL PREHEATER #1 


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: BEST COMBUSTION PRACTICES


Emission Limit 1: 0.0200







Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0200


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: SIP 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: BEST COMBUSTION PRACTICES


Emission Limit 1: 0.0300


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0300







Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: BEST COMBUSTION PRACTICES


Emission Limit 1: 0.1400


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HOUR ROLLING


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.1400


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then







Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: BEST COMBUSTION PRACTICES


Emission Limit 1: 0.0800


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HOUR AVERAGE


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:







Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:
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BEFORE THE ENVIRONMENTAL APPEALS BOARD
UNITED STATES ENVIRONMENTAL PROTECTION AGENCY


WASHINGTON, D.C.


EPA REGION 9's MOTION FOR VOLUNTARY REMAND


INTRODUCTION


Region 9 moves for a voluntary remand of the Final Prevention of Significant


Deterioration ("PSD") Permit issued to the Desert Rock Energy Company ("DREC") in


order to allow Region 9 the opportunity to reconsider its actions on several issues before


the Environmental Appeals Board ("EAB" or "Board") in this matter . Region 9 submits


this motion in lieu of a surreply brief. After reviewing the issues in this matter and a


related EPA rulemaking addressing the PSD requirements for particular matter less than


2.5 micrometers (PM2 .5), the Administrator's office has stayed a portion of the PM2 .5 rule


applicable to this permit and requested that Region 9 reconsider several parts of its


permitting decision for the Desert Rock Energy Facility ("DREF") . Given the number of


the issues in the appeal that Region 9 seeks to reconsider and the prior withdrawal of a


portion of the permitting record by Region 9, a complete remand of the Final PSD


Permit and administrative record will promote efficiency in the Agency's decision-


making and potentially enable Region 9 to resolve several disputed issues .


In re :


	


)


Desert Rock Energy Company, LLC) PSD Appeal Nos . 08-03, 08-04,
08-05 & 08-06


PSD Permit No. AZP 04-01


	


)







BACKGROUND AND SUMMARY OF ISSUES


Region 9 issued a final PSD permit to DREC on July 31, 2008 . Four Petitions


for Review and one Amicus Brief were filed at various times until October 2008 . Region


9 submitted its Response Brief on January 8, 2009, responding to all issues raised in the


Petitions except the issue of whether the permit must contain an emissions limit for


carbon dioxide . On the latter issue, Region 9 withdrew the portion of the PSD permit's


Response to Comments that explained the Region's basis for not evaluating carbon


dioxide emissions in the BACT analysis .' DREC and Dine Power Authority ("DPA")


also filed briefs responding to the Petitions on January 8, 2009. Pursuant to this Board's


Order dated January 22, 2009, and subsequent extensions, Petitioners filed Reply Briefs


on February 20, 2009, and DREC and DPA filed Surreply Briefs on March 21, 2009 .


Additional parties also filed amicus briefs .


Petitioners ifi this case have raised multiple issues for consideration by the Board .


For example, Petitioners have alleged error in various aspects of the Best Available


Control Technology ("BACT") and air quality analyses supporting the permit, and they


also raised concerns about the integration of the PSD permitting analysis with reviews


required under other laws . The BACT issues include the use an emissions limitation for


particular matter less than 10 micrometers ("PM, o") as a surrogate for a PM2.5 limitation,


the Region's decision not to identify a coal-gasification process called integrated


gasification combined cycle ("IGCC") technology as an option at Step 1 of the BACT


' Region 9 published a public notice on January 22, 2009 requesting comments on
a revised Statement of Basis addressing this issue . The public comment period on that
portion of the PSD permitting decision closed on March 25, 2009 .
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analysis, and the impact of the case-by-case Maximum Achievable Control Technology


("MACT") analysis for hazardous air pollutant on the BACT analysis for pollutants


regulated under the PSD program . The air quality issues involve concerns regarding the


record demonstrating compliance with the National Ambient Air Quality Standards


("NAAQS") for PM2.5 and ozone, and the PSD permit increments for sulfur dioxide .


Other issues in this matter concern the timing of the final PSD permitting decision in


relation to a consultation under section 7(a)(2) of the Endangered Species Act and the


case-by-case MACT analysis under section 112(g) of the Clean Air Act . In addition, the


Petitioners have questioned the sufficiency of the additional impacts analysis for the


DREF, which includes an analysis of impacts on soils, vegetation and visibility .


On March 13, 2009, this Board granted Region 9's request to file a Surreply Brief


by April 27, 2009 in order to afford EPA officials appointed since the recent Presidential


inauguration an adequate opportunity to consider the issues raised in this appeal and the


positions previously advocated by EPA offices in briefs to the EAB . As discussed in


Region 9's request for an extension to file a surreply, on January 26, 2009, Lisa P .


Jackson was sworn in as the Agency's Administrator after the inauguration of President


Bara.ck H. Obama on January 20, 2009 . Since that time, the Administrator and her


advisers have been reviewing many of the Agency's policies under the Clean Air Act and


other statutes .


As part of this review, on April 24, 2009, the Administrator issued a stay of a


regulation addressing the PSD requirements for PM2,5 that Region 9 applied in this


action. Letter from Lisa P . Jackson to Paul R . Cort, Earthjustice (April 24, 2009)


[Exhibit A] . Specifically, the Administrator granted a petition for reconsideration and a
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request for a stay of the "grandfathering" provision adopted as part of the Agency's


rulemaking entitled Implementation of New Source Review (NSR) Program for


Particulate Matter Less Than 2.5 Micrometers, 73 Fed . Reg. 28321 (May 16, 2008) . In


this action, EPA adopted 40 C .F.R. 52 .2 1 (i)(1)(xi), which authorized EPA Regions and


delegated state permitting authorities to continue using PMIO as a surrogate to comply


with the PSD requirements for PM2 .5 for certain PSD permit applications that were


pending at the time. Except for these grandfathered PSD permit applications, in the May


16, 2008 notice, EPA otherwise ended use of the surrogate policy under the Federal PSD


program regulations at 40 C .F.R. § 52 .21 . In her letter granting reconsideration of parts


of this rule and staying 40 C .F.R. § 52.21(i)(1)(xi), the Administrator stated that EPA


intends to propose repealing the grandfathering provision because it was not adopted with


proper notice and an opportunity for public comment and is no longer substantively


justified . Region 9 relied on this grandfathering provision to support issuing its final


permit decision based on a showing that Desert Rock's emissions would not cause or


contribute to a violation of the PM10 NAAQS, with no corresponding analysis with


respect to the PM2.5 NAAQS. AR 120 at pp. 76-77 .


Furthermore, in conjunction with the ongoing consultation under section 7(a)(2)


of the ESA regarding the Desert Rock project, the United States Fish and Wildlife


Service ("FWS") informed Region 9 on February 26, 2009 that it has "determined that


mercury may be adversely affecting the [endangered] Colorado pikeminnow, as well as


contributing to numerous fish consumption advisories on the Navajo Nation, Arizona,


Colorado, Utah, and New Mexico." Letter from Wally Murphy, FWS New Mexico


Ecological Services Field Office to Deborah Jordan, EPA Region 9 Air Division Director
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(Feb. 26, 2009) [Exhibit B]. In addition, the FWS said "atmospheric deposition of


mercury with subsequent transfer is believed to be one of the most significant loading


pathways to the mercury content of piscivorous fish ." Id. The FWS indicated that it was


considering "sources and deposition of mercury" and "source-attribution information


regarding atmospheric deposition and transport" to determine potential effects to


endangered species. The proposed Desert Rock project is among the sources of mercury


under consideration by the FWS . Although DREC has provided various estimates of its


potential mercury emissions, DREC has not submitted its application for a case-by-case


MACT determination under section 112(g) of the Clean Air Act . This application, when


submitted, will provide a more definitive analysis of mercury emissions and potential


reductions. Thus, the precise amount of mercury emissions that would be added to this


area from the Desert Rock project remains uncertain at this time .


After reviewing the issues before the Board in this matter during the 45-day


period of extension granted by the Board, the Administrator's office has requested that


Region 9 reconsider its permitting decision with respect to the following issues : (1) the.


use of PMIO as a surrogate to satisfy the PSD requirements for PM2 .5; (2) the


consideration of integrated gasification combined cycle (IGCC) in the BACT analysis ;


(3) the issuance of the final permit decision before completing the consultation under


section 7(a)(2) of the ESA ; (4) the issuance of the final PSD permit decision before


completing the case-by-case MACT analysis for hazardous air pollutants under CAA


section 112(g); and (5) the sufficiency of the additional impacts analysis for the DREF .


Region 9 respectfully requests that the Board remand the Final PSD Permit and


administrative record for reconsideration and development of additional information by
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Region 9. In the alternative, EPA requests this Board to withdraw or amend its Order


dated January 22, 2009 granting review of the pending Petitions for Review so that


Region 9's Air Division Director can withdraw the Final PSD Permit pursuant to the


authority set forth in 40 C .F.R. § 124.19(d) .


ARGUMENT


A.


	


The Board's Regulations and Administrative Efficiency Support Remanding
the PSD Permit for EPA to Reconsider Important Policy Matters .


The regulations at 40 C .F.R. § 124 .19(d) provide that the Regional Administrator


may withdraw a PSD permitting decision to reconsider the decision or issue a new draft


PSD permit until such time as the Board "grants or denies review ." This regulation


allows a Regional Administrator to reconsider policy decisions or correct errors in its


permit. Furthermore, in promulgating 40 C .F.R. Part 124, EPA stated that "most permit


conditions should be finally determined at the Regional level" and therefore the power of


review will only be employed "sparingly ." See 45 Fed. Reg. 33,412 (May 19, 1980) ;


accord In re Zion Energy, L.L.C., 9 E.A.D. 701, 705 (EAB 2001) . Accordingly, the


Board typically defers to regional permitting authorities in its review of permit appeals,


especially on matters of a technical nature . See, e.g., In re Three Mountain Power, LLC,


10 E.A.D. 39, 54 (EAB 2001) .


To promote efficiency in resolving permit appeals, the Board has adopted a


practice of resolving the majority of its cases based on the petitioner's brief and the


permitting authority's response without ordering further briefing . EAB Practice Manual


at 30-31 . This means that the Board issues its final decision on the merits of the


arguments simultaneously with granting or denying review . However, the Board may


instead grant review, establish a briefing schedule, notify other interested parties of the
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opportunity to file briefs, and then issue a decision based on the petition as well as the


later filed briefs . Id. at 30 .


In this case, the Board issued an Order on January 22, 2009, granting review and


ordering further briefing. That Order, however, did not provide any decision on the


merits of the arguments presented in the Petitions for Review . Had the Board not


granted review, Region 9's Air Division Director would have had the authority to notify


the Board of a decision to withdraw the PSD permit for further consideration pursuant to


40 C.F.R. § 124.19(d) .


The regulations, EAB Practice Manual, and EAB precedent have not established a


procedure for the Agency to reconsider its permitting decision after the Board has granted


review but before it has reached a final decision on the merits of the arguments . A


review of federal case law, however, strongly supports granting voluntary remand in such


a case. It is generally within the court's equitable power to remand an agency decision


for reconsideration without completing judicial consideration when the agency has so


requested . See, e.g., Ford Motor Co ., v. NLRB, 305 U.S. 364, 373 (1939) ; Loma Linda


Univ. v. Schweiker, 705 F.2d 1123, 1127 (9th Cir . 1983). A voluntary remand promotes


the fundamental principle that "[a]dministrative agencies have an inherent authority to


reconsider their own decisions, since the power to decide in the first instance carries with


it the power to reconsider." Trujillo v. General Elec. Co., 621 F.2d 1084, 1086 (10' Cir.


1980) (citing Albertson v. FCC, 182 F.2d 397, 399 (D.C . Cir. 1950)). Judicial economy


is also promoted by allowing an agency to reconsider its decision if there are new facts,


additional record material or evolving agency policy . See Ethyl Corp . v. Browner, 989
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F.2d 522, 524 & n . 3 (D.C . Cir. 1993) (allowing EPA's opposed motion for voluntary


remand) .


Some courts have noted that "[t]he more complex question, however, involves a


voluntary remand request associated with a change in agency policy or interpretation ."


SKF USA Inc. v. U.S., 254 F.3d 1022, 1029 (Fed . Cir. 2001). Where the change in


agency policy or interpretation is one to which the Agency is afforded deference, the


voluntary remand is appropriate . The SKF court stated :


Where there is no step one Chevron issue, we believe a remand to the Agency is
required, absent the most unusual circumstances verging on bad faith . Under
Chevron, agencies are entitled to formulate policy and make rules `to fill any gap
left, implicitly or explicitly, by Congress ."'


Id. at 1029-1030 (citation to Chevron omitted) . This practice allows the agency "to


assess `the wisdom of its policy on a continuing basis ."' Id. at 1030 (quoting Chevron) .


Thus, voluntary remand is favored because "[u]nder-the Chevron regime, agency


discretion to reconsider policies does not end once the agency action is appealed ." Id.


B.


	


Region 9 Seeks to Reconsider Several Issues in this Appeal Based on Recent
Developments .


Based on the issues discussed below, Region 9 requests that the Board issue a


complete remand of the Final PSD Permit and administrative record to enable the Region


to reconsider several important policy issues and take further action to request additional


information from the applicant and DPA . Given the number of issues pending in this


appeal that the Region seeks to reconsider, it is most efficient at this point for the Board


to remand this entire matter back to Region 9 so that the Region may ensure consistency


between all permit conditions and the record in this matter after reconsidering the issues


discussed below .
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1 .


	


Region 9 Requests the Opportunity to Reconsider its Decision to
Satisfy the PSD Requirements for PM2.5 By Using PM10 as Surrogate .


Due to the stay of 40 C .F.R. 52.21(i)(1)(xi) that the Administrator signed on April


24, 2009, Region 9 requests the opportunity to reconsider the adequacy of the Final PSD


Permit and administrative record in demonstrating compliance with the PSD


requirements for PM2 .5 applicable under 40 C .F.R. § 52 .21 . Given the Administrator's


stated intent to propose repealing the grandfathering provision, it now appears unlikely


that the current administrative record will be sufficient to establish compliance with the


PSD requirements for PM2 .5. Thus, Region 9 needs to consult with DREC regarding


additional analyses necessary to demonstrate that the source will not cause or contribute


to a violation of the PM2 .5 NAAQS and to establish a BACT emissions limitation for


PM2.5 in the permit . Therefore, Region 9 requests a voluntary remand so that it may


reconsider its approach for demonstrating that this permit complies with the PSD


requirements for PM2 .5 applicable under the existing regulations .


2 .


	


Region 9 Requests the Opportunity to Reconsider its Decision to Issue
the Final PSD Permit Prior to Completing Consultation Under the
ESA and Prior to Considering a Case-By-Case MACT Standard for
Hazardous Air Pollutants .


As discussed in prior briefs submitted in this matter, Region 9 issued the Final


PSD Permit before the Agency had completed the consultation required under Section


7(a)(2) of the ESA or the review required under section 112(g) of the Clean Air Act for a


case-by-case MACT determination. With regard to the ESA, Region 9 included a permit


condition preventing commencement of construction until completion of the ESA


process, including completion of consultation with FWS . Region 9 also communicated in


the record its commitment to completing the section 112(g) determination before actual
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construction begins. Region 9 indicated that it could, if necessary, adjust the PSD permit


terms based on these additional reviews of the project to address any conclusions from


the ESA consultation or address any inconsistencies with the PSD permit terms and the


control methods required under the distinct requirements of section 112(g) of the Clean


Air Act. AR 120 at 172; AR 121 at 22-23 .


Since July 2008, a Biological Assessment prepared on behalf of the Bureau of


Indian Affairs ("BIA") has been submitted to FWS as part of the ESA consultation


process. The Biological Assessment did not project that mercury emissions from the


Desert Rock project would likely adversely affect any listed fish species. However, the


FWS has stated in a letter to Region 9, dated February 26, 2009, regarding the Desert


Rock project ESA consultation that its own analysis has led it to determine that mercury


emissions may be adversely affecting the endangered Colorado pikeminnow, as well as


contributing to numerous fish consumption advisories in the Four Corners area . Mercury


emissions therefore appear to be a significant concern to FWS in the context of the Desert


Rock project ESA consultation .


At the time the permit was issued in 2008, Region 9 did not have a clear


indication of the nature of the FWS's concerns about project impacts on endangered


species associated with mercury and it was thought that the information before Region 9


was adequate. However, the concerns expressed in the February 2009 FWS letter have


increased the likelihood that the ESA consultation will lead to an amendment to the


permit application or a modification of the PSD permit terms as a result of the increased


potential that a project modification will be needed to address ESA concerns .


Furthermore, while the Biological Assessment includes assumptions about the mercury
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emissions from the project, additional detail about the amount and nature of those


emissions will be provided when EPA receives an application for a case-by-case MACT


determination with a proposed level of mercury control and information about the


mercury control equipment. See 40 C.F .R. § 63 .43(e). The applicant has yet to submit


such an application .


In consultation with the Administrator's office, Region 9 has concluded that these


associated issues -- the FWS's stated concerns, the implications of additional mercury


emissions in an area serving as critical habitat for fish species listed as endangered under


the ESA and already subject to numerous fish consumption advisories, and the inter-


relatedness of the case-by-case MACT determination with analyses conducted pursuant


to the ESA consultation -- are of sufficient importance to reconsider Region 9's decision


to conduct the PSD permit review, ESA consultation, and section 112(g) review on


separate timetables . Region 9, therefore, requests that the Board remand the permit to


Region 9 so that it may coordinate the completion of these processes in light of recent


developments .


a.


	


ESA Considerations


In light of the concerns expressed by the FWS regarding mercury emissions, and


after further reviewing the EAB's Indeck-Elwood opinion and a more recent EAB Order


in another matter, Region 9 believes it is no longer efficient or prudent under the


circumstances surrounding this permit to request that the EAB proceed with its review of


this permit prior to the conclusion of the ESA consultation covering the permit . Region 9


does not believe there is any ESA or other legal deficiency in the permit condition that


ensured construction would not commence until the ESA process concluded. However,
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the Region has concluded that it is no longer advisable to proceed with a PSD permit


containing such a condition under the circumstances of this case .


In the Indeck-Elwood matter, both the EAB and the EPA program office noted


that any necessary ESA consultations should "ordinarily" be concluded prior to issuance


of the final federal PSD permit by the EPA Region or delegated state acting on EPA's


behalf, but the EAB still found that EPA could proceed with issuing a "final" permit prior


to completion of such a consultation, so long as the Agency still had the opportunity "to


analyze the situation and, as necessary, specify protective conditions for inclusion in the


permit." In re Indeck-Elwood LLC, PSD Appeal No . 03-04, slip op. at 113 (EAB Sept .


27, 2006). The Board then found that because finality of the Indeck-Elwood permit was


postponed pending the outcome of the EAB appeal, EPA retained sufficient authority to


make any changes to the permit that might be necessary as a result of the ESA


consultation. Accordingly, the Board determined that the completion of the ESA


consultation during the course of the permit appeal satisfied ESA legal requirements . Id.


at 114. For the Desert Rock permit, Region 9 relied on this part of the Indeck-Elwood


decision, among other things, to support issuance of a final PSD Permit prior to


completion of the ESA consultation. Under the circumstances existing in July 2008, EPA


Region 9 concluded that the need to resolve litigation under the Clean Air Act concerning


the timing of the PSD permit decision outweighed the advantages of completing ESA


consultation prior to a final permit decision. As described above, in an effort to satisfy


ESA legal requirements, the Region included a condition in the permit prohibiting any


on-the-ground impacts pending conclusion of the ESA process . PSD Permit AZP 04-01,


Condition II .A .
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In its Indeck-Elwood decision, the Board noted that addressing ESA


considerations early in the permit review process would provide EPA with "more


flexibility to make, and to implement suggested ESA-related modifications" in the final


permit . Indeck-Elwood, slip op. at 111-12 (internal quotations omitted) . In the decision,


the EAB further observed that information generated during the ESA process could be


used "as part of the record supporting the permit decision," ensuring that ESA-related


information that is also relevant to other aspects of the PSD permitting analysis, such as


the BACT determination or the soils and vegetation analysis, would be available to


protect against permitting decisions based on inadequate information . Id. at 112. Finally,


the Board noted that early resolution of ESA obligations would be advantageous to


permit applicants, avoiding a disconnected process that might cause delays in the


permitting or appeal action . Id. at 112 n . 153 .


In a separate matter involving a permit for a Shell Oil project on the outer


continental shelf, EPA Region 10 included a condition on ESA compliance similar to the


one contained in the Desert Rock permit (OCS Minor Permit No . RI 00CS-AK-07-O1,


Condition 28) . That permit was also appealed to the EAB. An Order by the EAB in that


case implied that Region 10's approach of issuing the final permit conditioned on


subsequent completion of the ESA process could introduce uncertainties in the permit


appeal process that could result in delays in issuance of an effective permit . The Board


noted that because the provision contained in the Shell permit may have allowed for


almost any permit condition to be modified to address the outcome of the ESA


consultation, including conditions already subject to the EAB appeal, it was unclear







whether the permit was ripe for EAB review . See Order Requiring Clarification, In Re


Shell Offshore Inc., OCS Appeal Nos. 08-01, 08-02, & 08-03 (Aug . 19, 2008) . 2


Similarly, in the context of the Desert Rock permit appeal, Petitioners have raised


concerns regarding potential inefficiencies and wasted efforts should the EAB process an


appeal of a "final" permit that remains conditioned upon, and subject to modification


based on, the outcome of an ongoing ESA consultation process . See, e.g ., State of New


Mexico's Petition for Review and Supplemental Brief (filed Oct . 2, 2008) at 17-18 . This


concern raises the same potential inefficiencies implied by the EAB, in its Order


questioning the ripeness of the Shell permit .


Given the FWS's concern about mercury emissions in the context of the ESA


consultation for the DREF, Region 9 now believes that the possibility of the need for


project modifications to address ESA concerns has increased . Although, pursuant to


section 11 2(b)(6) of the CAA, hazardous air pollutant emissions are not addressed in PSD


permits, the effects of such emission may nevertheless be considered effects of the PSD


permit authorization under the ESA. ESA-related project modifications have the


potential to affect EPA's PSD permit requirements for the DREF through (1) potential


project changes that may affect EPA's BACT determination; (2) potential project


2 In the Shell matter, Region 10 did not ultimately need to address the Board's questions
regarding ripeness because the ESA consultation on that action was completed prior to
the deadline for the Region's response to the EAB Order. With regard to Desert Rock,
irrespective of any potential ripeness issue - the merits of which are not addressed in this
Motion Region 9 has determined as a matter of policy that the circumstances warrant
seeking a voluntary remand to allow the ESA process to conclude, thus avoiding any
potential waste of resources or duplicative efforts should the permit conditions or,permit
application ultimately change .
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changes not associated with BACT that nevertheless may result in amendments to the


applicant's PSD permit application ; 3 or (3) both of these considerations .


Uncertainties surrounding the ultimate PSD permit requirements for the Desert


Rock facility therefore raise questions regarding the utility of the expenditure of


resources toward finalizing the PSD permit or processing an appeal prior to conclusion of


ESA compliance . At this point, Region 9 believes it would be an inefficient use of EPA


resources (including EAB resources) to proceed with permitting in a manner that may


effectively require portions of the permit to be subject to public comment and appeal to


the EAB twice - once before the ESA consultation is complete and once again if permit


requirements are changed as a result of the completed consultation . Thus, Region 9


requests that the Board remand this matter so that Region 9 may consider the issues


raised in the ESA consultation before finalizing the PSD permit and proceeding with any


review by the EAB .


b. Section 112(g) Considerations


Although the PSD permitting requirements are distinct from the requirements to


establish limitations on hazardous air pollutant (HAPs) under section 112 of the CAA,


Region 9 recognizes that there is likely a benefit to completing BACT determinations


under the PSD permitting program at the same time as section 112(g) case-by-case


MACT determinations for HAPs. In addition, because determining the precise mercury


emissions levels from the Desert Rock project may inform analysis and decision-making


3 Permit applicants may, for instance, agree to amend permit applications as a mechanism
for providing their formal agreement to adhere to reasonable and prudent measures to
minimize the impacts of incidental take or to pursue reasonable and prudent alternatives,
developed through ESA consultation, to avoid jeopardy or the destruction or adverse
modification of critical habitat.
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relevant to the ESA consultation process, Region 9 prefers at this point to realize the


benefits of completing all related processes on a coordinated timetable .


Consistent with recent case law interpreting section 112, case-by-case MACT


determinations must include an examination of all factors affecting emissions, including


control technology. While multiple factors are considered, both BACT and case-by-case


MACT determinations involve an evaluation of emission control methods, and the


control approach chosen under one program may well have an effect on the appropriate


control approach chosen under the other program .


Region 9 initially concluded the administrative record did not demonstrate that


coordination of these reviews was necessary or that conducting the reviews at different


times would significantly compromise either action . However, based on the current


circumstances and further consultation with EPA headquarters staff, Region 9 recognizes


that conducting these reviews simultaneously is preferable to ensure consistency between


the two analyses and promote efficiency in permit processes . While there remains


uncertainty over the interaction of the PSD BACT and case-by-case MACT requirements,


Region 9 has been persuaded that there is a greater likelihood of an overlap than


previously understood . This justifies taking greater care to ensure that the PSD permit


conditions are coordinated with the case-by-case MACT analysis .


A determination that a specific method of emission control is BACT or MACT


for the same source under either program may result in changes to a source's design or


operational parameters, and these changes in turn may have an effect on the method of


emissions control chosen under the other program . In some cases, what may constitute


MACT for a particular source will result in co-control of nonhazardous pollutants to as
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great a degree as, or greater than, what a BACT analysis might lead to, while in others,


MACT-level emission reduction practices could have a significant impact on the


efficiency of certain control options under consideration for BACT, thus changing the


outcome of a BACT analysis . For instance, a BACT analysis for sulfur dioxide may


result in one level of control absent MACT considerations, but a 112(g) MACT standard


for hydrogen chloride could result in a more stringent level of control that could conflict


with or supersede the BACT control strategy. Similarly, MACT for emissions of


mercury could impose additional control requirements that may not have been planned


for during the BACT analysis process . Conversely, controls that are required to meet a


BACT limit for a criteria pollutant may also meet or help to meet a MACT limit for one


or more HAPs. For example, a BACT limit for sulfur dioxide ("SO2") might help a plant


meet a MACT level for acid gas HAPs . Evaluating these control approaches together


should result in a more efficient planning and permitting process, and may even result in


one control strategy that meets both requirements .


Although this is not a mandatory requirement under EPA regulations at this time,


federal PSD and section 112(g) regulations do not preclude Region 9 from completing a


PSD BACT analysis at the same time as a case-by-case MACT analysis and coordinating


these analyses. For the reasons discussed above, Region 9 requests a voluntary remand


so that it may integrate the two analyses to the extent possible, while also being careful to


recognize the distinct legal standards that govern each determination . Such integration


can minimize disputes over the establishment of appropriate methods of emissions


control and associated emissions limits and can also save additional time if the processes


for establishing the limits are coordinated .
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3.


	


Region 9 Requests the Opportunity to Reconsider its Decision to Issue
the Final PSD Permit Without Considering Integrated Gasification
Combined Cycle Technology in the BACT Analysis .


At the time of its Final PSD Permit issuance and in its Response Brief on appeal,


Region 9 determined that it was precluded under headquarters policy from evaluating


IGCC technology as part of BACT analysis for this facility. Region 9 has consulted with


the Administrator's office during the 45-day extension the Board granted in this matter .


Administrator Jackson does not support a policy that would preclude permitting


authorities from exercising their discretion to evaluate this option. While the Agency has


not previously required consideration of IGCC in the BACT analysis for such sources,


permitting authorities conducting a top-down BACT analysis as part of the review of an


application to construct a new coal-fired electric generating unit have the discretion under


existing EPA interpretations to list IGCC technology as a potentially applicable control


technique at Step 1 of the analysis and complete the remaining steps of the top-down


process. Therefore, rather than continue to contest this issue on appeal, Region 9 prefers


at this point to reconsider the scope of its BACT analysis for this facility .


The administrative record for the Final PSD Permit shows that Region 9 initially


requested information from the applicant regarding IGCC technology . The applicant


submitted two reports in 2005 . AR 27; AR 34. After December 2005, Region 9 did not


pursue the analysis of IGCC before making its Final PSD Permit decision .


At that time, EPA headquarters began expressing the view that IGCC technology


need not be listed at step 1 of a BACT analysis for a coal-fired generating unit on the


grounds that this technology would fundamentally redefine such a source. EPA first


communicated this view in a December 13, 2005, response from the Director of the
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Office of Air Quality Planning and Standards to an inquiry from a consulting firm in


Colorado. In an agreement to settle litigation over this response, EPA clarified that the


December 13, 2005 response was. not a final agency action and had no legally binding


effect. Settlement Agreement and Notice of Consent to Settlement Agreement, NRDC v.


EPA, Case No. 06-1059 (D .C. Cir. 2006); 71 Fed. Reg. 61771 (Oct. 19, 2006) .


Nevertheless EPA continued to hold the view reflected in the December 2005


letter and elected not to include the IGCC option in advanced steps of the top-down


BACT analysis for a permit issued by Region 8 to the Deseret Power Electric


Cooperative in August 2007 and the Desert Rock permit at issue in this case . The EAB


remanded the Deseret Power permit to Region 8 for further analysis on other grounds in


November 2008 . In re: Deseret Power Electric Cooperative, PSD Appeal No . 07-03


(EAB Nov. 13, 2008) . As a result of the EAB's order in the Deseret matter and this


appeal of the Desert Rock permit, neither of these permitting decisions has become final


or effective. Under 40 C .F.R. 124.19(f), final Agency action does not occur on permits


appealed to the EAB until the EAB issues a decision denying review, the EAB issues a


decision on the merits of an appeal without a remand, or remand proceedings are


completed.


The Administrator and EAB have generally recognized that the decision about


whether to include a lower polluting process in the list of potentially-applicable control


options compiled at Step 1 of the top-down BACT analysis is a matter within the


discretion of the PSD permitting authority . See, e.g., In Re Knauf Fiber Glass, 8 E.A.D .


121, 136 (EAB 1999) ; In the matter of Hawaiian Commercial & Sugar Co ., 4 E.A.D. 95,


100 & n.9 (EAB 1992) ; In. the Matter of:: Old Dominion Electric Cooperative, Clover,
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Virginia, 3 E.A.D. 779, 793 (Adm'r 1992) . In the Hawaiian Commercial case, the Board


wrote that "the permitting authority is entitled to wide latitude in how broad a BACT


analysis it wishes to conduct ." 4 E.A.D. at 100 . . Furthermore, in the Knauf Fiber Glass


matter, the Board observed that "[t]he permitting authority may require consideration of


alternative production processes in the BACT analysis when appropriate ." 8 E.A.D. at


136.


Under EPA's established interpretation ofthe Clean Air Act, PSD permitting


authorities have some discretion to identify the circumstances under which they may or


may not eliminate inherently lower pollutant processes from consideration in the BACT


analysis on the grounds that such an option would fundamentally redefine the proposed


source. Individual permitting authorities have the discretion to conduct a broader BACT


analysis that reflects consideration of alternative production processes when appropriate .


See, In Re Knauf Fiberglass GmbH, 8 E.A.D. at 136. For example, the Illinois EPA


elected to evaluate IGCC in the BACT analysis for the Prairie State facility while at the


same time determining that it was not necessary to make the applicant evaluate using an


alternative source of coal because that option would fundamentally redefine the


applicant's proposal to construct an electric generating unit on the same site as a


dedicated 30-year supply of coal . In re Prairie State Generating Company, PSD Appeal


No. 05-05, slip op. at 35-36 (EAB Aug . 24, 2006) .


Region 9 is not seeking to change EPA's longstanding policy that the BACT


analysis should not be used to fundamentally redefine the proposed source and the


Agency's interpretation that the Clean Air Act provides some discretion for a permitting


authority to decline to evaluate such options in detail as part of the BACT review .
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Rather, in the case of this permit application, Region 9 prefers at this point to reconsider


its decision not to evaluate IGCC as a BACT option for this project .


Technology that enables the United States to use its appreciable reserves of coal


in an environmentally sustainable mariner is critical to achieving the goals of the PSD


Program and maintaining compliance with the NAAQS by reducing conventional air


pollutants. The thermal performance of IGCC technology (efficiency and heat rate) is


better than subcritical and comparable to supercritical pulverized coal plants in


commercial operation today . IGCC can also produce better environmental performance


in other ways. For example, today's IGCC facilities are projected to emit half the criteria


pollutant emissions (e.g ., nitrogen oxides, sulfur dioxide, and particulate matter), use half


as much water, and produce only 50 percent as much solid waste when compared to


conventional coal electric generating units . However, use of IGCC technology generally


requires higher capital investments than conventional subcritical and supercritical


pulverized coal plants .'


Considering IGCC beyond step 1 of the top-down BACT analysis does not


necessarily require selection of IGCC as BACT in any particular permit review or


preclude elimination of the IGCC technology at steps 2-4 of the top-down process .


However, based on the Administrator's clarification that permitting authorities have


discretion in this area, Region 9 seeks to more thoroughly consider PSD in the BACT


analysis for this new coal-fired electric generating unit so that IGCC can compete on a


level playing field with other coal-fired power generation technologies, creating,


4 "Final Report, Environmental Footprints and Costs of Coal-Based Integrated
Gasification Combined Cycle and Pulverized Coal Technologies," EPA-430/R-06/006,
July 2006 at ES-2 ; Cost and Performance Baseline for Fossil Energy Plants Desk
Reference, DOE/NETL-2007/1282, May 2007 .
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incentives for improving the environmental performance and reducing the overall cost of


future coal-fired power generation technologies .


The EAB recently addressed the analysis that a permitting authority should


complete in assessing whether an option would redefine the proposed source . Prairie


State Generating Company, slip op at 35-36. As discussed in the Prairie State decision,


"the permit issuer must discern which design elements are inherent to [the applicant's]


purpose, articulated for reasons independent of air quality permitting, and which design


elements may be changed to achieve pollutant emissions reductions without disrupting


the applicant's basic business purpose for the proposed facility ." Id. at 30. Although


there are significant differences in the equipment design between IGCC and other coal-


fired electric generating technologies, this factor alone need not be dispositive if the


record shows that the IGCC process would not fundamentally change or disrupt the


applicant's purpose for constructing the proposed source . Since the EAB rejected the


view that an electric generating facility's purpose must be viewed as broadly as "the


production of electricity, from coal," id. at 32, the fact that IGCC technology uses the


same fuel -(coal) to produce the same end product (electricity) is not necessarily


dispositive either. The EAB has recognized that it is appropriate for a permitting


authority to "distinguish between electric generating stations designed to function as


`base load' facilities and those designed to function as `peaking' facilities, and that this


distinction affects how the facility is designed and the pollutant emissions control


equipment that can effectively be used by the facility ." Id. (citing In re Kendall New


Century Dev., 11 E.A.D. 40, 50-52 & n . 14 (EAB 2003)). Furthermore, the EAB has


reasoned that, "when evaluating a permit applicant's assertion that a design element is
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fundamental, the permit issuer should consider whether the facts underlying the assertion


are better considered within the framework of steps 2 through 5 of the top-down method,


rather than grounds for excluding redesign at step 1 ." Prairie State, slip op . at 30 n. 23 .


For example, the EAB noted that "cost savings generally is not a sufficient purpose or


objective that would justify treating a design element as basic or fundamental" because


cost is a factor at Step 4 of the BACT analysis . Id. Likewise, the EAB said that "the


business objective of avoiding risk associated with new, innovative or transferable


control technologies is not treated as a basic design element, but instead is considered


under step 2 of the top-down method ." Id. Thus, permitting authorities should consider


all-such factors based on the record in each case when assessing whether the IGCC


technology would fundamentally alter the purpose that the permit applicant seeks to


achieve with its proposed source or the basic design of the facility . See In re Northern


Michigan University Ripley Heating Plant, PSD Appeal No . 08-02, slip. op. at 26-28


(EAB Feb. 18, 2009) (finding inadequate record support for conclusion that an option


would redefine the proposed source) .


EPA Region 9 seeks a voluntary remand in this matter so that it may reconsider


its decision to exclude IGCC from further analysis in the top-down BACT review for the


Desert Rock project with these factors in mind.


4 .


	


Region 9 Requests the Opportunity to Reconsider its Decision to Issue
the Final PSD Permit Based on its Additional Impacts Analysis .


Finally, the additional impacts analysis supporting the Final PSD Permit relied


heavily on an analysis based on the EPA's 1980 document entitled "A Screening


Procedure for the Impacts of Air Pollution Source on Plant, Soils, and Animals." AR


120 at 150. After further review of the EAB's analysis of this document in the Indeck-
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Elwood matter, Region 9 has been persuaded that additional evaluation of site-specific


conditions is warranted to strengthen compliance with section 52 .21(o) of the applicable


regulations .


As the EAB observed, the screening method that was issued in 1980 for assessing


impacts to soils and vegetation ("Screening Procedure") has limitations . In particular, the


analysis provided in the Screening Procedure may, in some cases, be incomplete and


preliminary, and may not provide definitive results . The guidance can only be used to


screen for potential effects caused by concentrations of the pollutants in the ambient air


for only seven pollutants because, at the time the guidance was developed, there were


only sufficient data for those seven pollutants (sulfur dioxide, ozone, nitrogen oxide,


carbon monoxide, sulfuric acid, ethylene, and fluorine) . Furthermore, the EAB observed


that "the species sensitivity data in the 1980 Screening Procedure are [close to thirty


years old] and primarily rely upon crop and tree species, not other native species ."


Indeck-Elwood, slip op. at 45 .


In addition, the EAB discussed that the 1980 Screening Procedure is not the most


recent guidance by the Agency with respect to the additional impacts analysis and


appeared to adopt many of the principles reflected in the 1990 Draft NSR Workshop


Manual. The NSR Workshop Manual states that with respect to the soils and vegetation


analysis, such analysis "should be based on an inventory of the soils and vegetation types


found in the impact area ." Indeck, slip op. at 46. This "inventory" is a "list of the soils


and vegetation types indigenous to the impact area ." Id. The inventory "may be


available from conservation groups, State agencies, and universities," and "should
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include all vegetation with any commercial or recreational value ." Id. The Board noted


an example in the Manual that suggests the applicant should :


determine the sensitivities of the plant species listed in the inventory to the
applicable pollutants that would be emitted from the facility and compare
this information to the estimates of pollutant concentrations calculated in
the air quality modeling analysis (conducted pursuant to 40 C .F.R. §
52.21(m)) in order to determine whether there are any local plant species
that may potentially be sensitive to the facility's projected emissions . For
those plants that show potential sensitivity, a more careful examination
would be conducted .


Id, Based on this, the EAB concluded that the NSR Workshop Manual contemplates the


development of site-specific information that goes beyond the scope of the simple


screening under the 1980 Screening Procedure .


The EAB stopped short of suggesting that the 1980 Screening Procedure no


longer has viability on its own . The Board explained that its decision in Indeck "stands


only for the proposition that reliance on the Screening Procedure may be insufficient in


the face of site-specific concerns that plainly call the adequacy of that analysis into


question." Indeck, slip op. at 46 n.66. Region 9 requests a voluntary remand so that it


may consider site-specific concerns more carefully and ensure the permit complies with


the additional impacts analysis requirements .


C.


	


In the Alternative, Region 9 Requests that the Board Withdraw Its Grant of
Review to Enable Region 9 to Withdraw the Final PSD Permit .


If the Board had not granted review of the Petitions prior to deciding the merits of


the arguments on appeal, Region 9 would have authority to notify the Board and parties


that it is withdrawing the Final PSD Permit to develop additional information consistent


with the issues discussed above under 40 C.F.R. § 124.19(d) . The apparent intent of that


provision is to allow the permitting authority the opportunity to reconsider its permitting


25







decision based on concerns identified by Petitioners . Since the Board has granted review


and section 40 C .F.R. 124.19(d) is not expressly applicable, Region 9 has filed this


motion to request leave from the Board to reconsider its permitting decision rather than


seeking to withdraw the permit and notifying the parties . However, in the event that the


Board does not agree with Region 9 that remand is the appropriate procedure under the


circumstances, Region 9 requests, in the alternative, that the Board withdraw or amend its


grant of review to enable Region 9 to withdraw the Final PSD Permit .


CONCLUSION


For the foregoing reasons, Region 9 respectfully requests this Board to grant this


motion for voluntary remand of the Final PSD Permit and administrative record to


Region 9 to request additional information and reconsider several issues associated with


permitting the Desert Rock project . In the alternative, Region 9 requests the Board to


withdraw or amend its January 22, 2009 Order to allow Region 9 to notify the Board and


parties that Region 9 is withdrawing the Final PSD Permit and administrative record


pursuant to 40 C .F.R. 124.19(d) .


Dated: April 27, 2009


	


Respectfully Submitted,


-&~ '~ -~) t467~>


Brian L. Doster
Elliott Zenick
Air and Radiation Law Office
Office of General Counsel
Environmental Protection Agency
1200 Pennsylvania Ave . N.W.
Washington, DC 20460
Telephone: (202) 564-7606
Facsimile :


	


(202) 564-5603
Email:


	


Doster.Brian cr, epa.gov
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Ann Lyons
Office of Regional Counsel
EPA Region 9
75 Hawthorne St .
San Francisco, CA 94105
Telephone :


	


(415) 972-3883
Facsimile:


	


(415) 947-3570
Email:


	


Lyons.Ann(?,epa.gov







CERTIFICATE OF SERVICE


I hereby certify that copies of the attached Motion for a Voluntary Remand were


served on the following persons by U .S . Mail :


Seth T. Cohen
Assistant Attorney General
P.O. Drawer 1508
Sante Fe, NM 87504-1508
E-mail : scohen@a,nmag.P-ov


Nicholas F. Persampieri
Earthjustice
1400 Glenarm Place, #300
Denver, CO 80202
E-mail : npersampieri(&earthiustice.org


Leslie Glustrom
4492 Burr Place
Boulder, CO 80303
E-mail : Iglustrom@a,gmail.com


Ann Brewster Weeks
Clean Air Task Force
18 Tremont St., Suite 530
Boston, MA 02108
E-mail : aweeks@catf us


Jeffrey R. Holmstead
Richard Alonso
Bracewell & Giuliani LLP
2000 K St. NW
Washington, DC 20006
E-mail : jeff.holmstead@abgllp.com


richard.alonso(abgllp.com


Patrice Simms
Natural Resources Defense Council
1200 New York Ave. NW, Suite 400
Washington, DC 20005
E-mail : psimms@nrdc.org
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Douglas C. McCort
Ater Wynne
222 SW Columbia, Suite 1800
Portland, OR 97201-6618
E-mail : dcmna aterwvnne.com


Amy R. Atwood
Center for Biological Diversity
P.O. Box 11374
Portland, Oregon 97211-0374
E-mail : atwood@a,biologicaldiversitv.org


John Barth
P.O. Box 409
Hygiene, CO 80533
E-mail : barthlaw@aol .com


Stephanie Kodish
Clean Air Counsel
National Parks Conservation Association
706 Walnut Street, Suite 200
Knoxville, TN 37902
E-mail :


Leslie Barnhart
Eric Ames
Special Assistant Attorneys General
New Mexico Environment Department
P.O. Box 26110
Santa Fe, NM 87502-6110
E-mail : leslie .bernhart(i,state.nm.us


Kevin Lynch
Environmental Defense Fund
2334 N. Broadway
Boulder, CO 80304
E-mail : klmch@a,edf org
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Law Office of Justin Lesky
Navajo Nation Department of Justice


	


8210 Mirada Place NE Suite 600
P.O. Box 2010


	


Albuquerque, NM 87109
Old Club Building
Window Rock, AZ 86515


George E. Hays
236 West Portal Avenue #110
San Francisco, CA 94127







Exhibit A


EPA Region 9's Motion for Voluntary Remand







Mr. Paul R . Cort
Earthjustice
426 17' Street, 5"' Floor
Oakland, California 94612


Dear Mr. Cort :


The U .S . Environmental Protection Agency (EPA) has considered the, p tition you
submitted on February 10, 2009, on behalf of the Sierra Club and the Na esources
Defense Council asking the Agency to reconsider :


UNITED STA S ENVIRONMENTAL PROTECTION AGE
WASHINGTON, D.C, 20460


APR


specific provisions in the final EPA rule entitled implementation of New Source Review
(NSR) Program for Particulate Matter Less Than 2 .5 Micrometers (PM7 .$), 73 Fed . Reg.
28321 (May 16, 2008) ; and
the January 14, 2009 letter from then Administrator Stephen L. Johnson denying your
July 15, 2008 petition for reconsideration of this rule .


The specific provisions of the May 16, 2008 rule for which you have requested EPA
reconsideration include (1) the transition schedule -and interim requirements for the prevention of
significant deterioration (PSD) programs in SIP-approved states ; (2) the grandfathering provision
concerning the continued use of the PM10 Surrogacy Policy in the federal PSD regulations at 40
CFR 52.21(i)(1)(xi) ; (3) the transition period for addressing condensable particulate matter
emissions; and (4) the preferred interpollutant trading ratios under the nonattainment area NSR
program .


Under the authority of section 307(d)(7)(B) of the Clean Air Act, EPA grants the
February 10 petition for reconsideration in order to allow for public comment on each of the four
issues raised in your petition. To respond to your February 10 petition, the Agency plans to,
publish a-notice of proposed rulemaking in the Federal Register in the near future . As part of
this notice, the Agency intends to propose to repeal the grandfathering provision on the grounds
that it was adopted without prior public notice and is no longer substantially justified in light of
the resolution of the technical issues with respect to PM-15 monitoring, emissions estimation, and
air quality modeling that led to the PM10 Surrogacy Policy in 1997 . At this time, the Agency has
not determined any specific action to be proposed concerning the other three issues raised' in
your petition .
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Further, under the authority granted by section 307(d)(7)(B) of the Clean Air Ac
hereby stay 40 CFR 52 .21(i)(1)(xi) (the grandfathering provision under the federal PSD
program) for three months' pending reconsideration . A stay pending reconsideration is justified
for the reasons discussed above, that this provision was adopted without prior public notice and
is no longer substantially justified in light of the resolution of the technical issues with respect to
PM2.5 monitoring, emissions estimation, and air quality modeling that led to the PM lo Surrogacy
Policy in 1997 .


We appreciate your comments and interest in this importan matter .


Sincerely,


c David S . Baron, Earthjustice


ackson







Exhibit B


EPA Region 9's Motion for Voluntary Remand







Deborah Jordan, Director
Region 9 Air Division (Mailstop : AIR-1)
U.S. Environmental Protection Agency
75 Hawthorne Street
San Francisco, California 94105


Dear Ms. Jordan :


The U.S. Fish and Wildlife Service (Service) and the U .S. Bureau of Indian Affairs (BIA) have
entered into consultation under the Endangered Species Act, as amended (16 U.S.C. 1531 et seq .)
on the proposed Desert Rock Energy Project on the Navajo Nation in San Juan County, New
Mexico. Through our analysis we have determined that mercury may be adversely affecting the
Colorado pikeminnow, as well as contributing to numerous fish consumption advisories on the
Navajo Nation, Arizona, Colorado, Utah, and New Mexico . We invite the EPA to review the
biological assessment and the environmental baseline and to provide any additional input relative
to your expertise regarding the sources and deposition of mercury and its bioaccumulation in the
critical habitat of endangered species, especially that of the Colorado pikeminnow, an
endangered piscivorous fish of the Colorado River Basin . Moreover, atmospheric deposition of
mercury with subsequent transfer is believed to be one of the most significant loading pathways
to the mercury content of piscivorous fish . Therefore source-attribution information regarding
atmospheric deposition and transport and fate models are needed to determine the relative
importance of different sources of mercury and selenium in the San Juan River Basin and its
potential effects to endangered species, especially Colorado pikeminnow and razorback sucker.
We request the EPA provide any additional information on the processes governing mercury's
behavior in the atmosphere including the emissions inventories and fate and transport of mercury
in the San Juan River Basin and to endangered species and critical habitats in the action area .


If you have any questions, please contact me or David Campbell at 505/761-4745 .


Sincerely,


United States Department of the Interior
FISH AND WILDLIFE SERVICE


New Mexico Ecological Services Field Office
2105 Osuna NE


Albuquerque, New Mexico 871 13
Phone: (505) 346-2525 Fax: (505) 346-2542


February 26, 2009


Wall urphy
Field Supervisor
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cc :
Director, Navajo Nation Department of Fish and Wildlife, Navajo Nation, Window Rock, AZ
Director, Navajo Nation Environment Department, Window Rock, AZ
Director, New Mexico Department of Game and Fish, Santa Fe, New Mexico
NEPA Coordinator, Bureau of Indian Affairs, Navajo Regional Office, Gallup, NM
(Attn: H. Yazzie)


Manager, Regulatory Division, U .S. Army Corps of Engineers, Albuquerque, NM
Field Manager, Farmington Field Office, Bureau of Land Management, Farmington, NM
Director, Air Division, Region 9, Environmental Protection Agency, Environmental Review
Office, San Francisco, CA (Attn : G. Rios/J. Lapka)


Manager, Region IX, U.S. Environmental Protection Agency, Environmental Review Office,
San Francisco, CA (Attn : K. Vitulano)


Regional Director, Region 2, U .S. Fish and Wildlife Service, Albuquerque, NM
(Attn: ES/ARD)


Regional Director, Region 6, U .S. Fish and Wildlife Service, Lakewood, CO (Attn : ES/ARD)
Native American Liaison, Region 2, U .S. Fish and Wildlife Service, Albuquerque, NM
(Attn: J. Early)


Native American Liaison, Regional Director, Region 6, U .S. Fish and Wildlife Service,
Lakewood, CO (Attn : K. Greenwood)


Field Supervisor, U .S. Fish and Wildlife Service, Ecological Services Field Office, Grand
Junction, CO


Field Supervisor, U.S. Fish and Wildlife Service, Ecological Services Field Office, Salt Lake
City, UT


Field Supervisor, U .S. Fish and Wildlife Service, Ecological Services Field Office, Phoenix, AZ
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You are here: EPA Home  Air & Radiation  TTNWeb  Technology Transfer Network  Clean Air Technology Center  RACT/BACT/LAER
Clearinghouse  RBLC Basic Search  RBLC Search Results  Pollutant Information


 


Pollutant Information
  Click on the Process Information button to see more information about the process associated with this


pollutant. 
Or click on the Process List button to return to the list of processes.


         


FINAL


RBLC ID:KS0026
Corporate/Company:SAND SAGE POWER, LLC


Facility Name:HOLCOMB UNIT #2
Process:BOILER, PULVERIZED COAL


Pollutant: Nitrogen Oxides (NOx) CAS Number: 10102


 
Pollutant Group(s): InOrganic Compounds, Oxides


of Nitrogen (NOx),
Particulate Matter (PM),


Substance Registry System:Nitrogen Oxides (NOx)


 
Pollution Prevention/Addon Control Equipment/Both/No Controls Feasible: P


P2/Addon Description: SCR, LOW NOX BURNERS, SEPARATED OVERFIRE AIR (SOFA)


Test Method: Unspecified  


   
Percent Efficiency: 70.000
Compliance Verified:
EMISSION LIMITS:
  CasebyCase Basis: Other CasebyCase
  Other Applicable Requirements:
  Other Factors Influence Decision:
  Emission Limit 1: 0.1200 LB/MMBTU initial 18 months
  Emission Limit 2: 0.0800 LB/MMBTU after initial 18 months
  Standard Emission Limit: 0.0800 LB/MMBTU
COST DATA:
  Cost Verified? Yes
  Dollar Year Used in Cost Estimates:
  Cost Effectiveness: 2873 $/ton
  Incremental Cost Effectiveness: 0 $/ton


  Pollutant Notes:


Technology Transfer Network 
Clean Air Technology Center  RACT/BACT/LAER Clearinghouse
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NOTE: Draft determinations are marked with a " * " beside the RBLC ID. 


               Required fields are denoted by "+".  


 
Report Date: 05/05/2010            Control Technology Determinations (Freeform) 


Facility Information: WELLTON MOHAWK GENERATING STATION 


RBLC ID: AZ-0047


+Corporate/Company


Name: DOME VALLEY ENERGY PARTNERS


+Facility Name: WELLTON MOHAWK GENERATING STATION


Facility County: YUMA


Facility State: AZ


Facility ZIP Code: 85356


Facility Country: USA


Facility Contact Name: BRUCE WERTZ


Facility Contact Phone: 8032178868


Facility Contact Email: BWERTZ@SCANA.COM


EPA Region: 9


Agency Code: AZ001


Agency Name: ARIZONA DEPT OF ENV QUAL, OFC OF AIR QUA


Agency Contact: TREVOR BAGGIORE 


Agency Phone: (602) 771-2321 


Agency Email: TB4@AZDEQ.GOV 


Other Agency Contact


Info:


TREVOR BAGGIORE


(602) 771-2321


TB4@AZDEQ.GOV


+Permit Number: 1001653


+SIC Code: 4911


NAICS Code: 221120


Facility Registry System


Number: 110014463856


Application Accepted


Received Date: 04/16/2001 ACT


Permit Issuance Date: 12/01/2004 ACT


Date determination


entered in RBLC: 07/08/2005


Date determination last


updated: 01/31/2006


Permit Type: A: New/Greenfield Facility 


Permit URL:


Facility Description: COMBINED CYCLE GAS-FIRED ELECTRICITY GENERATING


STATION


Permit Notes:


   


Previous Page







Affected Boundaries: WELLTON MOHAWK GENERATING STATION 


+Boundary (Class 1


Area or US Border


Name): US/Mexico Border


Boundary Type (Class 1


or Intl Border): INTL BORDER


Distance: < 100 km 


Class 1 Area State:


   


Facility-wide Emissions: WELLTON MOHAWK GENERATING STATION 


+Pollutant Name: Carbon Monoxide


Facility-wide Emissions


Increase: 781.0000 (Tons/Year)


+Pollutant Name: Nitrogen Oxides (NOx)


Facility-wide Emissions


Increase: 344.6000 (Tons/Year)


+Pollutant Name: Particulate Matter (PM)


Facility-wide Emissions


Increase: 303.4000 (Tons/Year)


+Pollutant Name: Sulfur Oxides (SOx)


Facility-wide Emissions


Increase: 46.8000 (Tons/Year)


+Pollutant Name: Volatile Organic Compounds (VOC)


Facility-wide Emissions


Increase: 259.9000 (Tons/Year)


Process Information: WELLTON MOHAWK GENERATING STATION 


+Process Name: COMBUSTION TURBINE GENERATORS AND HEAT RECOVERY


STEAM GENERATORS - GE7FA TURBINES OPTION


+Process Type: 15.210


Primary Fuel: NATURAL GAS


Throughput: 170.00


Throughput Unit: MW


Process Notes: THIS IS ONE OF TWO OPERATING SCENARIOS THAT ARE


WRITTEN INTO THE FACILITY'S PERMIT. THE COMPANY CAN


CHOOSE BETWEEN GE TURBINES OR SIEMENS


WESTINGHOUSE TURBINES. THE THROUGHPUT OF THE HEAT


RECOVERY STEAM GENERATORS IS 346 MMBTU/HR (WITH


SUPPLEMENTAL FIRING)


   







Pollutant Information: WELLTON MOHAWK GENERATING STATION - COMBUSTION


TURBINE GENERATORS AND HEAT RECOVERY STEAM GENERATORS - GE7FA


TURBINES OPTION 


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: A


+Control Method


Description: LOW NOX BURNERS AND SELECTIVE CATALYTIC REDUCTION


Emission Limit 1: 2.0000


Emission Limit 1 Unit: PPM AT 15% O2


Emission Limit 1 Avg.


Time/Condition: THREE-HOUR


Emission Limit 2: 16.0000


Emission Limit 2 Unit: LB/H


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 2.0000


Standard Emission


Limit Unit: PPM AT 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: NSPS 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 9,478 ($/ton)


Incremental Cost


Effectiveness: 6,225 ($/ton)


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance AFTER 18 MONTHS, THE 2.0 PPM LIMITS CHANGES TO A







Pollutants/Compliance


Notes:


AFTER 18 MONTHS, THE 2.0 PPM LIMITS CHANGES TO A


1-HOUR AVERAGE UNLESS THE DIRECTOR AND


ADMINISTRATOR DETERMINE THE LIMIT IS UNABLE TO BE


MET, BASED UPON A DEMONSTRATION BY THE COMPANY.


THE FACILITY ALSO HAS A STARTUP/SHUTDOWN LIMIT FOR


THE GE7FA TURBINES - EMISSIONS OF NOX FROM EACH UNIT


MAY NOT EXCEED 166.7 LB/HR AVERAGED OVER THE PERIOD


OF EACH STARTUP OR SHUTDOWN EVENT.


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: A


+Control Method


Description: OXIDATION CATALYST


Emission Limit 1: 3.0000


Emission Limit 1 Unit: PPM @ 15% O2


Emission Limit 1 Avg.


Time/Condition: 3-HOUR AVERAGE


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 3.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 5,695 ($/ton)


Incremental Cost


Effectiveness: 5,695 ($/ton)


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   







+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 29.8000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition: 3-HOUR AVERAGE


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: NSPS 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.0023


Emission Limit 1 Unit: LB/MMBTU







Emission Limit 1 Avg.


Time/Condition: 3-HOUR AVERAGE


Emission Limit 2: 4.7000


Emission Limit 2 Unit: LB/H


Emission Limit 2 Avg.


Time/Condition: 3-HOUR AVERAGE


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: NSPS 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: A


+Control Method


Description: OXIDATION CATALYST


Emission Limit 1: 3.0000


Emission Limit 1 Unit: PPM @ 15% O2


Emission Limit 1 Avg.


Time/Condition: 3-HOUR AVERAGE


Emission Limit 2: 8.4000


Emission Limit 2 Unit: LB/H


Emission Limit 2 Avg.


Time/Condition: 3-HOUR AVERAGE


Standard Emission


Limit: 0


Standard Emission







Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Visible Emissions (VE)


Pollutant Group(s):


+CAS Number: VE


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: % OPACITY


Emission Limit 1 Avg.


Time/Condition: 6-MINUTE AVERAGE


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 10.0000


Standard Emission


Limit Unit: % OPACITY


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: NSPS 


Did factors, other then







Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


Process Information: WELLTON MOHAWK GENERATING STATION 


+Process Name: COMBUSTION TURBINE GENERATORS AND HEAT RECOVERY


STEAM GENERATORS - SW501F TURBINES OPTION


+Process Type: 15.210


Primary Fuel: NATURAL GAS


Throughput: 180.00


Throughput Unit: MW


Process Notes: THIS IS ONE OF TWO OPERATING SCENARIOS THAT ARE


WRITTEN INTO THE FACILITY'S PERMIT. THE COMPANY CAN


CHOOSE BETWEEN GE TURBINES OR SIEMENS


WESTINGHOUSE TURBINES. THE THROUGHPUT OF THE HEAT


RECOVERY STEAM GENERATORS IS 383 MMBTU/HR (WITH


SUPPLEMENTAL FIRING)


   


Pollutant Information: WELLTON MOHAWK GENERATING STATION - COMBUSTION


TURBINE GENERATORS AND HEAT RECOVERY STEAM GENERATORS - SW501F


TURBINES OPTION 


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: A


+Control Method


Description: LOW NOX BURNERS AND SELECTIVE CATALYTIC REDUCTION


Emission Limit 1: 2.0000


Emission Limit 1 Unit: PPM @ 15% O2


Emission Limit 1 Avg.


Time/Condition: 3-HOUR AVERAGE


Emission Limit 2: 18.3000







Emission Limit 2 Unit: LB/H


Emission Limit 2 Avg.


Time/Condition: 3-HOUR AVERAGE


Standard Emission


Limit: 2.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: NSPS 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 2,675 ($/ton)


Incremental Cost


Effectiveness: 5,093 ($/ton)


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


AFTER 18 MONTHS, THE 2.0 PPM LIMITS CHANGES TO A


1-HOUR AVERAGE UNLESS THE DIRECTOR AND


ADMINISTRATOR DETERMINE THE LIMIT IS UNABLE TO BE


MET, BASED UPON A DEMONSTRATION BY THE COMPANY.


THE FACILITY ALSO HAS A STARTUP/SHUTDOWN LIMIT FOR


THE SW501F TURBINES - EMISSIONS OF NOX FROM EACH UNIT


MAY NOT EXCEED 166.7 LB/HR AVERAGED OVER THE PERIOD


OF EACH STARTUP OR SHUTDOWN EVENT.


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: A


+Control Method


Description: OXIDATION CATALYST


Emission Limit 1: 3.0000


Emission Limit 1 Unit: PPM @ 15% O2


Emission Limit 1 Avg.


Time/Condition: 3-HOUR AVERAGE


Emission Limit 2: 16.7000


Emission Limit 2 Unit: LB/H


Emission Limit 2 Avg.


Time/Condition: 3-HOUR AVERAGE







Standard Emission


Limit: 3.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 1,988 ($/ton)


Incremental Cost


Effectiveness: 1,988 ($/ton)


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 33.1000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition: 3-HOUR AVERAGE


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: NSPS 







Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.0023


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HOUR AVERAGE


Emission Limit 2: 5.3000


Emission Limit 2 Unit: LB/H


Emission Limit 2 Avg.


Time/Condition: 3-HOUR AVERAGE


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: NSPS 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:







Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: A


+Control Method


Description: OXIDATION CATALYST


Emission Limit 1: 3.0000


Emission Limit 1 Unit: PPM @ 15% O2


Emission Limit 1 Avg.


Time/Condition: 3-HOUR AVERAGE


Emission Limit 2: 9.5000


Emission Limit 2 Unit: LB/H


Emission Limit 2 Avg.


Time/Condition: 3-HOUR AVERAGE


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Visible Emissions (VE)


Pollutant Group(s):


+CAS Number: VE







Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: % OPACITY


Emission Limit 1 Avg.


Time/Condition: 6-MINUTE AVERAGE


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 10.0000


Standard Emission


Limit Unit: % OPACITY


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: NSPS 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


Process Information: WELLTON MOHAWK GENERATING STATION 


+Process Name: MECHANICAL DRAFT COOLING TOWERS


+Process Type: 99.009


Primary Fuel:


Throughput: 170000.00


Throughput Unit: Gal/Min


Process Notes: 6-CELL COOLING TOWER


   







Pollutant Information: WELLTON MOHAWK GENERATING STATION - MECHANICAL


DRAFT COOLING TOWERS 


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description:


DRIFT ELIMINATORS (NOT TO EXCEED A TOTAL DRIFT RATE


OF 0.0005 PERCENT OF CIRCULATING WATER FLOW)


Emission Limit 1: 3.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Visible Emissions (VE)


Pollutant Group(s):


+CAS Number: VE


Test Method: Unspecified


+Control Method Code: P







+Control Method


Description:


DRIFT ELIMINATORS (NOT TO EXCEED A TOTAL DRIFT RATE


OF 0.0005 PERCENT OF CIRCULATING WATER FLOW)


Emission Limit 1: 5.0000


Emission Limit 1 Unit: % OPACITY


Emission Limit 1 Avg.


Time/Condition: 6-MINUTE AVERAGE


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 5.0000


Standard Emission


Limit Unit: % OPACITY


Standard Limit Avg.


Time/Condition: 6-MINUTE AVERAGE


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


Process Information: WELLTON MOHAWK GENERATING STATION 


+Process Name: AUXILIARY BOILER


+Process Type: 13.310


Primary Fuel: NATURAL GAS


Throughput: 38.00


Throughput Unit: MMBTU/H


Process Notes:


   


Pollutant Information: WELLTON MOHAWK GENERATING STATION - AUXILIARY


BOILER 


+Pollutant Name Nitrogen Oxides (NOx)







Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: A


+Control Method


Description: LOW NOX BURNERS


Emission Limit 1: 0.3700


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: BASED ON HIGHER HEATING VALUE OF FUEL


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.3700


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.0800


Emission Limit 1 Unit: LB/MMBTU







Emission Limit 1 Avg.


Time/Condition: BASED ON HIGHER HEATING VALUE OF FUEL


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0800


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.0033


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: BASED ON HIGHER HEATING VALUE OF FUEL


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0033


Standard Emission







Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: NSPS 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Visible Emissions (VE)


Pollutant Group(s):


+CAS Number: VE


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: % OPACITY


Emission Limit 1 Avg.


Time/Condition: 6-MINUTE AVERAGE


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 10.0000


Standard Emission


Limit Unit: % OPACITY


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: NSPS 


Did factors, other then







Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.0033


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: BASED ON HIGHER HEATING VALUE OF FUEL


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:







Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 0.0023


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: BASED ON HIGHER HEATING VALUE OF FUEL


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0.0023


Standard Emission


Limit Unit: LB/MMBTU


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:


   


Process Information: WELLTON MOHAWK GENERATING STATION 







+Process Name: BLACK START GENERATORS


+Process Type: 17.130


Primary Fuel: NATURAL GAS


Throughput: 6.00


Throughput Unit: MW


Process Notes:


   


Pollutant Information: WELLTON MOHAWK GENERATING STATION - BLACK START


GENERATORS 


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 1.5000


Emission Limit 1 Unit: G/B-HP-H


Emission Limit 1 Avg.


Time/Condition: AT 100% LOAD


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 1.5000


Standard Emission


Limit Unit: G/B-HP-H


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005







Pollutants/Compliance


Notes:


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 2.3000


Emission Limit 1 Unit: G/B-HP-H


Emission Limit 1 Avg.


Time/Condition: AT 100% LOAD


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 2.3000


Standard Emission


Limit Unit: G/B-HP-H


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: U


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2005


Pollutants/Compliance


Notes:
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ABSTRACT 
 
In the 25 years since the first commercial installations in Japan, SCR technology has evolved in 
response to changing application conditions.  For example, present-day catalysts feature thinner 
walls, improved mass transfer and activity, and better poison resistance than earlier generation 
products.  Additionally, catalyst management strategies frequently utilize catalysts from 
suppliers and with geometry different from the original specification, to improve operation and 
minimize cost.  Catalyst regeneration rather than replacement is playing a role.  Reactor design 
and layout has evolved to adopt, where necessary, static mixers to promote contacting of reagent 
and flue gas.  These features improve performance and offer lower cost, but may increase the 
need for monitoring and diagnostic measurements. 
 
INTRODUCTION 
 
By the year 2004, in excess of 100 GW of coal-fired capacity in the US may be equipped with 
SCR NOx control technology, to mitigate “seasonal” ozone production as mandated by Title I of 
the 1990 Clean Air Act Amendments (1).  The application of SCR in the US will have evolved 
from two prior generations of design: the first commercial applications in Japan in the late 1970s, 
and subsequent installations in Europe (predominantly Germany) in the mid-1980s.  SCR 
process design basis and operating requirements have significantly evolved from these prior 
generations, both simplifying and, in some ways, complicating the pending operations in the U.S.  
This paper reviews the key design and operational evolutions, and projects how future US 
operation may be affected.  
 
BACKGROUND AND HISTORY 
 
Strict NOx emission limits were implemented by the Japanese federal government as early as 
1973.  Local authorities mandated additional reductions, lead by Yokohoma City in 1980 (2).  
Regarding new generating units, Japan’s Electric Power Development Company (EPDC) was 
required to “cap’ the NOx emissions from the two-unit Takehara Station to allow construction of 







a third, coal-fired unit. These requirements prompted early R&D and pilot investigations to 
evaluate SCR NOx control to achieve at least 50-60% NOx removal.  Figure 1 presents a timeline 
of significant events regarding the development and commercialization of SCR technology.  
 


Figure 1.  Timeline Of Key SCR Events 


 
 
Subsequent to the approximately 20-30 pilot plants operated in Japan in the late 1970s (mostly 
on fuel oil and natural gas), several demonstrations of coal-fired units were conducted.  Among 
the first SCR demonstrations was the 175 MW Shimonoseki station of Chugoku Electric, 
treatment on 25% of flue gas from the Hokkaido Electric Tomato-Atsuma Station, and EPDC’s 
Takehara Station, where for the latter parallel reactors compared catalyst from two suppliers.  
Both the Tomato-Atsuma and Takehara units employed hot-side ESPs, providing a low ash 
environment to the catalyst.  NOx removal from these units ranged from 50-80%, with a 5-10 
ppm residual NH3 limit.  Thus, early coal-fired experience was divided between high dust and 
low dust applications.  
 
Significant experience with high dust SCR continued with several early applications in Germany 
in the mid-1980s, in response to the Government Ordinance For Large Boilers, adopted by the-
then Federal Republic of Germany (3).  Neckarwerke’s Altbach/Deiszeiu Unit 5 was reportedly 
the first coal-fired commercial unit in Germany on a dry-bottom boiler, and Knepper C the first 
“slag-tap” boiler application.  NOx removal performance in the German and European 
applications increased to generally 80%, with selected high NOx-emitting units such as 
Knepper C achieving 90%.  Experience in Germany also identified arsenic poisoning of catalysts 
through both pilot plant tests and full-scale experience, and further demonstrated that control of 
residual NH3 to 2-3 ppm (and not 5 ppm) was in most cases required to maintain ash utilization.  
In the US, the Haynes Station of the Los Angeles Department of Water And Power was the first 
utility SCR application, employing an in-duct design for natural gas firing.  The first coal-fired 
applications for new plants (Carney’s Point) and retrofit (Merrimack Unit 2) followed in the 


1975 1980 1985 1990 1995 2000
20-30 pilot plants on oil, 
gas, and refinery gas


EPDC Takara Unit 1: 
250 MW demo (80%, 
low dust ) 


Hokkaido Electric: 
Tomato-Atsuma
(1/4 x250 MW)


FRG passes 
Government 
Ordinance for 
Large Boiler 
Installations~
100 ppm


First German unit: 
Neckarwerke 
Altbach/Deizisau 
Unit 5 (420 MW)


Arsenic 
“Episode” 
Witnessed in 
Pilot Plants


1st U.S. Gas 
Unit: LADWP 
Haynes


1st New U.S. Coal 
Unit: Carneys Point


1st Retrofit U.S. Coal 
Unit: MerrimackChugoku Electric:  


Shimoneski (175 
MW, 50% New Madrid, 


Paradise


1st Evidence of As 
Poisoning in the 
US (OUC/Stanton 
Unit 2)


1975 1980 1985 1990 1995 2000
20-30 pilot plants on oil, 
gas, and refinery gas


EPDC Takara Unit 1: 
250 MW demo (80%, 
low dust ) 


Hokkaido Electric: 
Tomato-Atsuma
(1/4 x250 MW)


FRG passes 
Government 
Ordinance for 
Large Boiler 
Installations~
100 ppm


First German unit: 
Neckarwerke 
Altbach/Deizisau 
Unit 5 (420 MW)


Arsenic 
“Episode” 
Witnessed in 
Pilot Plants


1st U.S. Gas 
Unit: LADWP 
Haynes


1st New U.S. Coal 
Unit: Carneys Point


1st Retrofit U.S. Coal 
Unit: MerrimackChugoku Electric:  


Shimoneski (175 
MW, 50% New Madrid, 


Paradise


1st Evidence of As 
Poisoning in the 
US (OUC/Stanton 
Unit 2)







early 1990s.  Finally, arsenic poisoning was witnessed in the US at the Orlando Utilities 
Commission Stanton Unit 2 (4).   
 
EARLY UNIT DESIGN CHARACTERISTICS 
 
Table 1 summarizes the key design variables for several early SCR applications in Japan and 
Germany. NOx reduction varied significantly, with removal efficiencies from 50% to 
approaching 90%, the latter applied to high NOx emitting units.  The low sulfur level of coals 
fired in Japan minimized concern for SO2 conversion, at least for some units.  Also, limited 
experience with high dust applications had not identified the true impact of residual NH3; thus, 
control to 5 ppm (and at times 10 ppm) was allowed for coal-fired applications.  Figure 2 
illustrates the catalyst geometry employed at Tomato-Isaku and one Takehara reactor, which 
consisted of “pipes” with walls of 5 mm to avoid erosion.  Conversion of SO2 approached 2% for 
some of these designs, which was not problematic for the early low sulfur content coals. 
 
Table 1.  Early Commercial SCR Installations: Design Features 
 


 
DESIGN 
VARIABLE 


EPDC/ 
Takehara 
(1980) 


Shimonoseki 
(1981) 


Neckarwerke/ 
Altbach (1985) 


Neckarwerke/ 
Walheim 
(1986) 


EVS/ 
Heilbronn 
(1985) 


High Dust/low Dust LD HD HD HD HD 
Inlet NOx (ppm) 300 500 300 750 325 
NOx Reduction (%) 80 50 66 88 80 
Residual NH3 (ppm) 5 5 5 3 5 
SO2 Conv. (%) 1 1 <2 <2 <2 
Space Velocity 
(1/h) 


2300 3000 3340 1900 2850 


 
Figure 2:  Early Pipe-Shaped Catalyst Geometry 


 
 







COMPARISON TO DESIGNS FOR US APPLICATION 
 
There are numerous design features of SCR process equipment which distinguish the imminent 
US applications from predecessors.  These include (a) catalyst technology, (b) process conditions 
applied, (c) reactor layout, (d) reagent injection equipment, (e) coal-fired experience base, (f) 
reagent type and handling systems, and (g) balance-of-plant activities.  Items (a) through (e) will 
be addressed in some detail, with highlights noted for (f) and (g).  Subsequent to this discussion, 
data describing long-term operation and evaluation of a catalyst management strategy employing 
regeneration is presented. 
 
Catalyst   
 
Possibly the most significant advances have been achieved in catalyst technology, resulting in 
increased performance and lower production cost.  Improvements to both catalyst geometry and 
composition were realized. 
 
Geometry 
 
The limited strength of extruded material, or the ability to bond catalytically active ingredients 
onto a substrate, dictated catalyst geometry for early designs. Accordingly, relatively thick 
extruded walls or coatings were necessary to provide erosion resistance.  Figure 2 depicted the 
pipe-shape geometry employed in several early applications, requiring a 5 mm thick wall to 
prevent erosion.  Table 2 compares the geometrical characteristics of several early catalyst 
products, showing how the decrease in wall thickness improved available surface area for 
extruded material.  Most notable in Table 2 is the increase in surface area-to-volume ratio, which 
for some specific products is significant.  Of exception are the physical characteristics of plate-
type catalysts, which offer among the highest open area (e.g., lowest flue gas pressure drop) and 
have remained relatively constant to exploit that important feature.  Also of note is the 
introduction of ceramic fibers as substrate, offering significant surface area of reaction per unit 
weight. 
 
Table 2.  Evolution of Catalyst Physical Properties:  1979 – 2001 
 


 
 
Physical 
Characteristic 


 
 
 
Unit  


 
 
 
Geometry 


Pitch or 
Characteristic 
Dimension 
(mm) 


 
Wall 
Thickness 
(mm) 


 
Surface 
Area/Volume 
m2/m3 


 
 
Open Area 
(%) 


Japan 1979 various pipe 30 5 ~200 ~60 
Japan 1980 Shimonoseki grid 9.8 1.8 333 67 
Japan 1984, 1895 Sakata, Yokosuka grid 7.4 1.4 438 66 
Europe, 1985 Altbach-Deizshu grid 7.2 1.4 448 64 
Europe, 1986 Knepper grid 7.4 1.1 460 73 
Europe, 1989 Mehrum plate 6 <1 330 82 
US, 1995 OUC plate 5.4 <1 368 84 


New Madrid grid 9.2 0.83 383 83 US, 2000 
various grid 7.4 0.83 480 79 


US, 2001 various corrugated 
plate 


10.6 
(hyd dia) 


1 390 78 







For some SCR applications, the higher specific surface area, smaller pitch catalysts are purposely 
not utilized, and instead the larger pitch, lower specific surface area designs are used to avoid ash 
plugging and deposition.  In fact, a “cascading” catalyst pitch (pitch size decreases with each 
catalyst layer in the direction of gas flow) is frequently used in many stations operating in 
Europe to manage ash deposition and plugging (5).  Although no SCR retrofit units in the US at 
present are using the cascading approach with initial catalyst inventory, some adjustment of pitch 
to operating characteristics is anticipated with experience. 
 
Composition  
 
Catalyst composition changes have increased activity while maintaining or reducing conversion 
of SO2 to SO3, and provided resistance to arsenic poisoning.  Specifically, catalyst suppliers have 
employed additives as well as improved manufacturing and processing techniques that influence 
the available surface area for reaction.  The common TiO2-based catalysts also can employ 
molybdenum trioxide (MoO3) and tungsten trioxide (WO3), in addition to the key active 
ingredient, vanadium pentoxide (V2O5).  Perhaps the most significant consequence of the 
improved manufacturing process has been the increased “porosity” of the catalyst – and the 
ability to offer high mass transfer and surface area for reaction – without compromise to erosion 
resistance. 
 
The combination of higher surface area per volume of catalyst and catalytic activity, coupled 
with catalyst management techniques, has probably reduced the initial volume of catalyst 
employed for a given application.  Comparisons to early designs can be misleading as both NOx 
removal targets and the initial catalyst guarantee period have evolved.  However, Table 2 data 
when compared to present space velocities for 90% NOx removal and 2 ppm residual NH3 
suggest lower volume is currently applied.  This improvement leaves less margin for design or 
operating errors or anomalies compared to the more conservative European applications.  
Consequently, operators will benefit from detailed process monitoring to diagnose and detect 
performance trends as early as possible. 
 
Process Conditions 
 
The selection of SCR “process conditions” – the distribution of flue gas velocity, NH3/NO ratio, 
and the range of acceptable temperature that establish the operating environment for the 
catalyst - have evolved to support present performance targets.  There are several methods of 
specifying the distribution of velocity and NH3/NO ratio; this paper will utilize the standard 
deviation (SD) of the measurements.  
 
Figure 3 illustrates the role of flue gas velocity and NH3/NO ratio SD on NOx removal 
performance and residual NH3.  These data represent a performance calculation for an inlet NOx 
content of 0.30 lbs/MBtu, employing a catalyst with space velocity of 3200 1/h, and grid-type 
catalyst of 7.4 mm pitch.  The process calculations employ a random distribution of initial 
velocity and NH3/NOx ratio across the surface of a catalyst, characterized by varying levels of 
non-uniformity.  At each location on the catalyst, the local NOx reduction and NH3 slip were 
calculated and the results integrated over the surface.  Uniform velocity enhances performance 
by providing uniform residence time across the catalyst, insuring no “cells” have inadequate  







Figure 3:  Role of Maldistributions in Velocity and NH3/NO on SCR Performance  


 
(a)  Velocity Non-Uniformity Effects (NH3/NOx Non-Uniformity = 7%) 


 
 


(b)  NH3/NOx Non-Uniformity Effects (Velocity Non-Uniformity = 10%) 
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reaction time.  Equally important, zones of erosion-inducing high velocity and deposit-inducing 
low velocity are minimized.  Figure 3 shows that improved velocity distribution increases 
performance, but the payback for achieving extremely “flat” velocity profiles diminishes. 
 
Figure 3 also shows the NH3/NOx uniformity is significantly more important than the velocity 
uniformity in providing for high NOx removal.  If any one “cell” of flue gas is deficient in either 
reactant (NH3 or NO), then the reaction will not proceed to completion – regardless of the 
volume of catalyst that is utilized.  Figure 3 also illustrates the criticality of NH3/NOx uniformity 
increases as NOx reductions exceed 90%. 
 
Most early generation designs in Japan and Europe are believed to feature distributions of 
velocity of a 15-20% SD, and of NH3/NO ratio of 6% or greater SD.  The evolution to high 
performance systems requiring 90% NOx removal at 2 ppm slip has reduced the velocity 
distribution modestly to perhaps 10-15% SD, but significantly for NH3/NO ratio. The specified 
SD for the latter is frequently less than 5%, and for some applications as low as 3%.  As a 
consequence of these strict specifications, SCR process equipment and catalyst suppliers and 
owners have conducted aggressive modeling studies.  Regarding physical “cold-flow” modeling, 
the scale of model, details of construction included in the simulation, and extent of 
measurements have significantly increased to support the high performance systems.  The use of 
CFD has been integrated with physical flow models to augment the evaluation, particularly with 
the distribution of flue gas temperature.   
 
One item that may become of concern is the ability to construct and install the arrangement of 
turning vanes, baffles, and flow rectifiers to the necessary accuracy as specified by the physical 
or CFD model.  Construction tolerances of less than one inch may be problematic in actually 
achieving the flow distribution specified by the model.  The challenge to operators of these 
systems may also be to insure the process conditions, once delivered by the process supplier, are 
maintained.  Finally, as will be discussed subsequently, simply demonstrating that these strict 
process conditions are actually delivered by the process supplier may be a critical issue to SCR 
operators. 
 
Reactor Layout 
 
Reactor layout can vary widely, depending upon whether SCR is installed in a new plant, or 
retrofit to an existing unit. 
 
Comparison of contemporary reactor designs to early applications in Japan and Europe is limited 
for several reasons.  Many early SCR retrofits in Japan were “low dust” applications that 
inherently required smaller catalyst and reactor volume, without the complexity of handling high 
dust loading.  Many boilers in Germany employ tower designs, allowing a more straightforward 
reactor (at least in terms of process conditions, if not structural steel) that was amenable to 
improved performance.  The flue gas flow path for some tower boiler SCR retrofits could 
employ perhaps two “elbow” turns prior to the catalyst, which affords good flue gas handling 
practices.  Certainly, not all European installations are represented by this concept, and numerous 
challenging retrofits were undertaken and successfully implemented. 
 







Of note with US SCR applications is the potential for a larger fraction of flue gas to be bypassed 
around the economizer, to provide the operating temperature “floor”, due to higher flue gas SO3 
content (from higher sulfur coals).  The relatively large volume of flue gas to be bypassed around 
the economizer over a wide load range can complicate mixing patterns.  Figure 4 depicts a 
specific reactor and ductwork layout in which a relatively large volume of flue gas exiting the 
economizer bypass was problematic in preventing the distribution of flue gas temperature and 
velocity to be simultaneously achieved.  The diversion of flue gas around the economizer 
necessary to meet the temperature specification biased the flow field and significantly distorted 
the velocity profile.  For example, at mid-load the bypass dampers are only 10-20% open and the 
system must mix the small, low velocity flow diverted around the economizer with the larger 
bulk flow.  Conversely, at low load the bypass dampers are fully open, and the system must mix 
a large volume of large, high velocity flow diverted around the economizer with a small bulk 
flow.  A combination of physical cold flow and CFD modeling was used to specify the details of 
ductwork layout and flue gas rectification devices.  The specification was ultimately attained.  
 
 


Figure 4: Reactor And Ductwork Arrangement for One US SCR Retrofits 
 


 
 







Reagent Injection Equipment 
 
Historically, the approach to achieving uniform mixing of reagent with NOx is a high-density 
arrangement of individual injectors across a flue duct, with as many as 40-50 injectors per m2.  
The injectors can be individually adjusted to tune the delivery of reagent.  In recent European 
applications, the use of a small number of large injectors (4-12) combined with static mixers has 
emerged as an alternative to a conventional ammonia injection grid (AIG).  This concept is 
receiving increased attention due to the potential for reduced maintenance for individual 
injectors.  The necessary hardware and design expertise both are offered “packaged” with SCR 
equipment or catalyst, and individually from suppliers of static mixers. Specifically, one catalyst 
supplier offers two versions of a static mixer for use in applications that employ their catalyst.  
Similarly, one SCR process supplier provides delta-wings as standard equipment in their system 
design.  Several individual suppliers of static mixers (Sulzer, Koch, etc.) will provide static 
mixer technology as stand-alone offerings to be incorporated into the process design. 
 
Recent US designs have employed up to five individual rows of static mixers to achieve a 
required distribution of velocity, temperature, and NH3/NO ratio.  For example, static mixers are 
deployed (1) at the flue gas economizer exit, to rectify imbalances in velocity, temperature, and 
composition, (2) downstream of the take–off duct for the process bypass, (3) prior to the reagent 
injectors, to rectify velocity maldistributions induced by a tight “elbow” turn required due to 
space constraints, (4) following the reagent injectors, to induce mixing, and (5) prior to the 
reactor entry plenum.  The nominal gas pressure loss incurred by each row - less than 0.3-0.5 in 
w.g.– is the tradeoff for a correct distribution.   
 
In summary, both the high density AIG and static-mixer concepts are employed in US 
applications.  The need for extremely high performance may favor utilizing static mixers and 
fewer injectors over a conventional AIG.  Experience with static mixers suggests that if installed 
correctly the units will be maintenance-free, and operators are predicating plans on this 
observation. 
 
Coal Experience 
 
Early SCR experience in Japan was dominated by low sulfur coals from Australia and S. Africa, 
the primary coal sources in the late 1970s.  Despite the considerable understanding gained with 
these coals, generalization to European coals was greeted with the observation of arsenic 
poisoning at pilot scale.  Although no episode similar to arsenic poisoning is anticipated for US 
applications, the uncertainty of broad deployment to a new set of coals merits that operators 
observe and document composition of coal fired to relate operations to catalyst activity. 
 
Table 3 summarizes the key coal constituents that affect catalyst deactivation, identifying the 
most significant catalyst impact.  Most notable is the role of alkali and alkaline earth elements 
that can induce alkali sulfate poisoning.  Calcium sulfate was early recognized as a significant 
deactivating agent (6) the other more soluble alkali cited can penetrate catalyst pores when 
exposed to moisture (from tube leaks or condensation due startup).  As described previously, 
arsenic is a well-documented poison that, although most acute for wet-bottom boilers that 







employ ash recycle, is still problematic for dry bottom boilers with lower furnace gas exit 
temperatures.  
 
Table 3:  Key Coal Characteristics That Affect Catalyst Deactivation 
 


Coal 
Constituent 


Process Or  
Catalyst Impact 


Japanese 
Experience 


European 
Experience 


Anticipated US 
Conditions 


Arsenic  Reacts with V, negating 
site activity and/or 
blocking micropores 


Negligible coal 
As content did 
not identify 
phenomena  


Identified through 
pilot and early 
commercial 
applications 


Varies widely with As 
content in coal (2-40 
ppm) 


Alkaline 
material (K, 
Na, Mg) 


Reduces “acidity” and 
effectiveness of catalyst 
acid sites  


Total alkali <5% 
of ash (observed 
with oil firing) 


Total alkali 8-
15% of ash 


5-12% of ash, up to 
23% for PRB  


Alkaline earth 
(primarily 
Ca) 


Reacts with SO3 formed at 
site to produce CaSO4; 
plugging pores, ability of 
NH3 to bond at the site. 
Minimum Ca needed to 
mitigate arsenic poisoning 


Generally 3-5% 
of coals fired 
(Australia, S. 
Africa) 


3-5% of Ruhr, 
Saar Valley, and 
Polish coals 


2-10% ash, up to 16% 
for PRB 


Phosphorous As phosphoric acid, can 
condense, react, and block 
pores.  


Not recognized Recognized in 
selected coals 


Will depend on coal P 
content, and 
oxidizing/reducing 
conditions in furnace 


Sulfur  Indirectly, sulfur provides 
a source of SO3. which can 
react with Ca to form 
CaSO4 


<0.6% <1.7% 0.4-3.5% 


 
 
Regarding arsenic, it is known a minimum level of calcium in the coal is desired to mitigate 
arsenic poisoning. Thus, a minimum level of calcium in ash (~2%) is desired.  Phosphorous can 
also deactivate catalyst, and sulfur – although not exerting a direct role – indirectly can 
contribute the alkali sulfate formation by production of SO3.  
 
Figure 5 compares coals utilized in the Japanese and European experience with those anticipated 
US applications.  Figure 5 compares the content of (a) sulfur, (b) ash, (c) calcium in the fly ash, 
and (d) total alkalinity of fly ash constituents (calcium, potassium, magnesium, and sodium).  
Figure 5 shows experience in Japan was derived with relatively low sulfur (~0.4%), 2-3% 
calcium in ash, and negligible soluble alkali compounds.  The coals used in Europe typically 
feature double the sulfur content, and increased calcium and total alkali in fly ash.  The first US 
SCR installations were on low sulfur coals that (due to compatibility with dry scrubbing 
technology) resembled the coal used in Europe.  The complete set of US coals that will see SCR 
duty in the US may present greater challenges than the first coals did, due to higher sulfur and in 
some case Fe content, which will increase SO3 production by the catalyst.  For some coals, low 
calcium content in fly ash may be inadequate to negate arsenic poisoning, and adding limestone 
or other alkali to the coal will be required.  Finally, the case of Powder River Basin (PRB) coals 
may be of concern, depending on the application.  Short-term exploratory tests suggested the 
extreme calcium content of PRB promotes alkali sulfate poisoning.  However, not all catalyst 







suppliers share this view, and the first commercial installation with PRB coal has not incurred 
any noticeable deactivation. 
 


Figure 5:  Comparison Of Coal Characteristics For Japanese, European, And Anticipated US 
Applications 


 


 
 
In summary, some US coals are not described by the existing experience database, and despite 
the best efforts of catalyst suppliers, some risk to deactivation or balance-of-plant problems 
exists.   
 
Reagent Type and Systems 
 
In comparison to early SCR applications, which were limited to solely anhydrous ammonia as a 
reagent source, present applications can employ either anhydrous, or aqueous forms of ammonia 
(of 19.5 or 29% solution strength).  In addition, depending on the progress of several early 
demonstration projects, urea may be applied.  From strictly a cost standpoint, anhydrous reagent 
is usually preferred, as it requires the least delivered cost and capital equipment.  However, 
concerns voiced by local communities have prompted adoption of aqueous reagent for many 
systems, and for urea on a limited basis. 
 
In Europe, the first installations employed reagent receiving, storage, and handling standards that 
employed conservative measures such as underground tanks, double-wall tanks, and numerous 
fail-safe monitoring concepts.  As SCR applications migrated from large, remotely located 
central stations to units in urban areas, interest in aqueous-ammonia reagent increased with local 
concerns for handling and storage.  Anhydrous systems appear to dominate planned US 
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installations, although numerous aqueous systems will be utilized.  Urea–based applications have 
received recent interest. In terms of impacting SCR operation, the use of aqueous and urea 
systems introduces additional complexity.  Specifically, both approaches require a separate 
vaporization step, which entails additional process reactors, and managing and monitoring the 
reagent devolatilization or hydrolysis process. The manpower burden for such monitoring is not 
significant (with much of the duty remotely monitored), but the additional steps for evaporation 
of ammonia from the aqueous form, or devolatilization of HN fragments from urea introduces 
time delays that must be accounted for in process control system design or operation.  With 
target performance of 90% standard and necessary for system compliance, these factors must be 
considered in control system design. 
 
Balance-Of-Plant 
 
A detailed treatment of balance-of-plant (BOP) factors is outside the scope of this paper; but 
several key items are identified. 
 
Air Heater   
 
Most European units were initially equipped with enameled-coated heat exchange baskets in the 
cold end of the air heater, and thus enjoyed superior protection from the additional, SCR-
promoted SO3.  The use of enameled-coated heat exchange baskets is not commonplace in US 
applications; however Corten is frequently used for higher sulfur coals.  An informal survey 
suggests that approximately 75% of the units retrofitting SCR in the US are believed to be 
upgrading air heaters to mitigate the impact of residual NH3 and higher SO3.  These 
modifications include installing enameled surfaces, utilizing a more “open” geometry to retain 
the momentum of sootblowing media in the axial direction, or both (7).  The evolution of SCR 
process equipment has probably eased air heater concerns, as experience in Germany in the mid-
1980s suggested residual NH3 should be lowered from 5 to 2 ppm, for the purpose of ash 
utilization.  The potential for air heater deposition has been reduced accordingly. 
 
Flue Gas Handling 
 
The need to retrofit additional flue gas flow capability to handle the higher resistance imposed by 
the reactor and process equipment varies significantly with specific units.  Typically, the 
additional resistance ranges from 3 in.  to7 in. w.g., depending on the application, with most 
installations probably incurring 4-5 in. w.g.  It has been widely reported that most European 
installations did not require upgrade to flue gas handling equipment; however, the nationwide 
program to retrofit flue gas desulfurization processes completed in 1984 (3) required flue gas 
handling upgrade that in many cases was able to also accommodate SCR.  An informal survey 
suggests that 50% of the units retrofit with SCR in the US require some improvement to flue gas 
handling, with upgraded motors or fans common.   
 
Compared to previous experience, any reductions in flue gas resistance by improved catalyst 
design have probably been absorbed by static mixers and AIG components to provide a more 
effective NH3/NO distribution – the price for which is paid in pressure drop.  Thus, the evolution 







of SCR application has probably not materially changed the additional flue gas handling 
requirements, or associated O&M.  
 
Alkali Injection 
 
Since arsenic poisoning was demonstrated a major contributor to catalyst deactivation, the need 
for a minimum quantity of available calcium in the fly ash has been recognized.  Several 
European operators consistently inject or add limestone or lime to coals fired to augment the 
naturally available calcium in the ash, and claim a benefit in mitigating both arsenic poisoning 
and SO3 outlet concentration (8).  Generally, anywhere from 0.5-2% of the coal mass 
consumption rate is augmented with lime, dolomotic limestone, or conventional limestone to 
provide alkalinity.  Capital costs for such equipment are not excessive, but O&M procedures 
must accommodate servicing the alkali supply and equipment.  The extent to which such systems 
will be applied in the US is uncertain.  One major SCR process equipment supplier strongly 
advises deployment of such equipment, and most (but not all) catalyst suppliers agree that for 
certain applications the additional alkali is beneficial.  However, Southern Company recently 
announced they would forgo alkali addition, and accept possibly higher catalyst deactivation in 
exchange for simplicity and reduced plant operating duties.  In summary, the need to inject alkali 
to mitigate either arsenic poisoning or control SO3 emissions may slightly increase O&M, but 
adoption of alkali injection/addition is not anticipated to be widespread. 
 
LONG-TERM OPERATING CHARACTERISTICS 
 
Operating data obtained for coal-fired SCR-equipped units shows that performance can vary over 
relatively short periods of time.  Given that the NOx tons cap for the SIP-Call is effectively a 
5-month average, hourly or daily variances will not be of significance for many operators.  
However, in addition to the seasonal (or annual) tons cap, some states require some combination 
of a 30 day, 24 hour, or 8 hour rolling average to be observed.  Specifically, several SCR-
equipped units planned for operation in the Houston area must observe 24 hour daily averages of 
a magnitude that are not significantly above the annual cap.  Also, new SCR-equipped units will 
in all likelihood be required to abide by a short-term average.  Data from the Environmental 
Protection Agency’s Electronic Data Reporting (EDR) site is used to explore the variability 
observed in the US to date. 
 
Figure 6 presents typical scatter in SCR outlet data, obtained from a dry bottom boiler in the US 
with SCR operational for several years.  The data presents NOx emissions within 5% of full load.  
The details of operation and the intent of the operators are unknown; thus it is not possible to 
determine the source of variability.  However, it is clear the optimal amount of reagent required 
by a particular set of process conditions is not consistently delivered to the reactor. 
 
The variation can be quantified by applying statistical procedures to calculate the 30 day 
average, a 24 hour average, and an 8 hour rolling average.  Figure 7 compares this data for four 
units.  Two units are dry bottom boilers retrofit with SCR for high NOx removal from 
approximately 0.45 lbs/MBtu (Units A and D); one cyclone boiler designed for 80-85% NOx 
removal from 1.2-1.5 lbs/MBtu; (Unit C), and a new plant capable of 50-60% SCR NOx removal 
from 0.5 lbs/MBtu (Unit E).  The data in Figure 7 show that NOx typified by short-term 







averaging periods can be significantly greater than the calculated 30 day rolling average.  These 
data can be used to establish an “operating margin” NOx outlet rate that should be targeted if 
short-term compliance is required. 
 


Figure 6:  SCR Outlet Emissions Data Scatter For 90% Removal System 


 
 


Figure 7:  Comparison of 30 Day, 24 hour, and 8 Hour NOx Outlet Data for Selected SCR-
Equipped Units  
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Figure 8 compares this “margin” for the four units cited, in addition to a second cyclone unit 
(Unit E) and a second new unit with 50% NOx capability.  This figure again depicts the wide 
variability in SCR outlet NOx from Unit A; however, as the subject unit has operated with SCR 
for less than one year, the results should be considered preliminary.  Data from most of the other 
units suggest operators may be required to consider additional monitoring activities to align 
shorter and longer term rolling averages. 
 
Of note is that the least variability is exhibited by the unit that (a) features the longest operating 
history, and (b) requires the least NOx reduction.  It is not clear which, if any, of these factors is 
responsible for this observation.  
 
One must be cautious with Figures 6-8, as operating time is limited for some units, and the 
intention of the operators is not clear (e.g., minimizing short-term variability may not be 
important).  Regardless, the data illustrate that precise attention to operating duties and 
development of a learning curve are necessary for successful process operation.  The results also 
suggest that any short-term monitoring requirements by local agencies consider practical limits 
to process operations. 
 
 


Figure 8:  Estimate of Operating Margin Required For Six SCR-Equipped Units 
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IMPLICATIONS FOR US O&M ACTIVITIES 
 
Essentially all major utility systems are deploying SCR as the central element in their NOx 
control strategy, and plan to “overcontrol” NOx on the largest plants, allowing smaller, lower 
capacity factor units to adopt less stringent controls.  The success of each NOx compliance 
program is heavily dependent on successful operation of SCR at target levels. 
 
Maximize NOx Removal 
 
NOx Distribution Testing   
 
The previous discussion shows regardless of whether a conventional AIG or static mixer system 
is utilized, achieving and maintaining extremely uniform contacting of reagent and NO is 
necessary.  Testing on an annual basis will be necessary to determine the inlet and outlet NOx 
distribution to infer the NH3/NO ratio at the catalyst inlet.  Many European utilities conduct these 
exercises on approximately an annual basis, which is recommended for US applications.  With 
conventional high density AIG, considerable flexibility is available to bias reagent injection to 
different regions of the ductwork.  Using static mixers and a limited number of injectors limits 
the flexibility, but does not eliminate the ability to bias the reagent.  Process suppliers claim the 
mixing capabilities of static mixers eliminate any need for flexibility, but only experience will 
prove so.  Regardless, the scale of influence of static mixers is limited, and compensating for 
large-scale variations (e.g., across the entire ductwork) may not be possible.  Thus, even limited 
injectors with static mixers may require attention. 
 
As discussed under I&C, the lowest SCR outlet NOx may be attained with a boiler NOx output 
optimization for distribution, not necessarily the least magnitude.  Consistent testing of 
inlet/outlet NOx profiles will identify optimal operating modes. 
 
Catalyst Maintenance 
 
The need to achieve high performance requires catalyst to retain activity as projected by the 
supplier.  As both physical blocking by fly ash and a reduction in site activity (due to arsenic, 
alkali sulfate and other compounds) contribute to deactivation, inspection and cleaning are 
critical.  The use of coupon tests conducted by the catalyst supplier (and possibly a third party) is 
essential to provide a snapshot of change in catalyst physical features and surface composition.  
The inspection and cleaning of catalyst during outages will be necessary to assure that the 
maximum surface area is clean and available to participate in NOx reduction. 
 
Data Historian 
 
Operators will need to document the process operations and coal composition rigorously to 
validate that the conditions of guarantees have been observed.  All units to some degree require 
this, but particularly those operators that have secured a catalyst supply contract separate from 
the process supply contract. 
 







Many utilities have established a strategic alliance with a catalyst manufacturer for catalyst 
supply for an entire system.  The selection of the particular supplier is based upon a firm cost 
estimate to provide adequate catalyst volume to achieve a projected performance target, 
presuming a fixed set of process conditions.  A separate contract is arranged with a process 
supplier to provide the equipment to deliver those process conditions.  
 
Under this scenario, it may not be straightforward to attribute responsibility for malperformance.  
For example, if performance targets are not satisfied, it is anticipated the catalyst supplier will 
first require demonstration that process conditions called for in the specification have been 
delivered– particularly if the catalyst supplier was not the responsible party for flow modeling.  
However, measuring velocity distribution in high temperature, particulate-laden flue gas to 
within the accuracy required may not be viable; thus, it may not be possible to validate process 
conditions.  
 
Regarding coal composition, catalyst suppliers will require assurance that coals as specified are 
utilized; for example, it will be important to document that a minimum level of calcium is 
available to mitigate arsenic poisoning.  A systematic and controlled methodology to sample and 
analyze coal, using agreed upon protocols, is necessary to construct an adequate arrangement.  
 
System Wide Catalyst Management 
 
The use of several SCR facilities across a generating system affords the opportunity to employ a 
systemwide approach to catalyst management.  Even though a catalyst layer may have suffered 
deactivation necessitating replacement, that specific layer can still provide adequate NOx 
removal – as long as the reactor has been designed to accommodate the lower initial activity.  
Also, catalyst regeneration techniques can increase activity for a cost below new catalyst. 
 
Systemwide catalyst management has been deployed at several stations in Germany, and 
regeneration techniques have evolved in recent years.  Several providers of catalyst recycling 
services have refined their offerings and are planning to offer such services for the U.S. market.  
Each regeneration technology is different, but appears to utilize a combination of (a) physical 
cleaning to remove ash adhered to catalyst, decreasing resistance to mass transfer, (b) washing 
with an aqueous or nonaqueous solvent to enhance removal of ash, or removal of soluble alkali 
sulfate compounds, and/or (c) introduction of additional vanadium on the catalyst service. 
 
The potential benefits of a systemwide catalyst management strategy can be quantified by a 
simple example.  Consider a three-unit system employing a large station (Unit A) equipped with 
a 3+1 reactor design.  Units B and C are also equipped with a 3+1 reactor design, and each offer 
50% of the generating capacity (and catalyst inventory and replacement requirements).  All units 
fire a moderate-high arsenic content coal, install the fourth layer at 16,000 operating hours, and 
(when using new catalyst) replace existing layers at intervals of approximately 18,000 operating 
hours.  “Spent” catalyst from all units is “pooled” for regeneration, eliminating the need for new 
catalyst after the 16,000 hour supplement and 34,000 hour replacement. Catalyst regeneration 
technology is assumed to restore activity (k/ko) to 0.85 for 65% of new catalyst cost. 
 







Table 4 summarizes system catalyst management over a 15-year period, assuming seasonal 
operation for the initial four years and annual operation thereafter.  The Baseline Case requires a 
total of 18 layers of new catalyst to be purchased for all units, at a NPV of $11.4 M.  The 
Regeneration Case reduces total new catalyst purchased to 5 layers, with a total of 14 layers 
regenerated.  The use of catalyst of lower activity requires one additional layer to be exchanged 
for Unit A, over the 15-year period.  Total incurred cost is reduced by almost 20% to $9.5 M.  
 
The scenario described in Table 4 is necessarily simplified; and selected to emphasize the 
benefits of catalyst regeneration.  Specifically, the assumption of moderate-high arsenic content 
coal requires relatively frequent replacement.  Also, the scenario assumes success in restoring 
activity for arsenic-poisoned catalyst; that catalyst layers can be regenerated more than once; and 
that catalyst deactivation rate after regeneration is the same as for new catalyst.  An actual 
catalyst management strategy will require balancing of reactor potential required versus the 
generation of “spent” catalyst, and the cost and performance of regeneration technologies.  
Regardless, the potential benefits are notable, and merit an independent analysis of this 
alternative to purchase of new catalyst.     
 
Table 4: Catalyst Management Strategy Including Regeneration for Hypothetical System 
 


 
Catalyst Management Factor 


 
Unit A 


 
Unit B 


 
Unit C 


Total 
System 


Reactor Design 3+1 3+1 3+1  
Initial Catalyst Inventory (c.m.) 500 250 250  
Catalyst Per Layer 250 125 125  
Baseline Strategy     
Catalyst Purchased (15 years) 6 layers 6 layers 6 layers 18 layers
NPV Of Catalyst Management ($M) 5.70 2.85 2.85 11.14 
Regeneration Case (85/65)     
New Catalyst Purchased 1 layer 2 layers 2 layers 5 layers 
Catalyst Regenerated (15 years) 6 layers 4 layers 4 layers 14 layers
NPV Of Catalyst Management ($M) 4.78 2.35 2.35 9.5 


 
Improved I&C/Controls  
 
One area that has not notably evolved, but with significant potential, is that of process controls.  
Current SCR processes employ a feedforward signal for reagent demand (based on boiler NOx, 
or a surrogate such as load or steam flow) with a feedback signal, the latter based on measured 
outlet NOx at the reactor exit or stack.  Numerous operators have attempted to couple a 
continuous on-line ammonia monitor as an additional feedback signal, but until recently such 
instruments have not provided commercially acceptable service.   
 
In practice, a residual NH3 monitor may not provide significant value over inferring ammonia 
absorbed by fly ash.  If the deposition of ammonium sulfates and bisulfates (ABS) is a 
phenomenon dependent on cumulative, long-term and “low level” exposure to residual NH3 and 
SO3, then monitoring ammonia absorbed on fly ash may be adequate.  However, if process 
upsets and the “flooding” of residual NH3 is a contributor, then a real-time monitor will be 







useful.  As ABS deposition depends on flue gas SO3 concentration, it is likely that long-term 
exposure is dominant.  
 
Perhaps more importantly, the need to maintain the uniformity of NH3/NO ratio to standard 
deviations of below 5% may require control of the boiler NOx emission distribution.  
Specifically, operators may find to achieve strict SCR outlet targets the boiler should be operated 
to produce the most uniform, and not necessarily the lowest, NOx rate.  For example, a boiler 
NOx outlet of 0.35 lbs/MBtu characterized by a 3% SD may be preferable to 0.32 lbs/MBtu 
characterized by a 6% SD, if 90% removal is to be consistently achieved. 
 
Finally, consistently delivering 90% NOx removal may benefit from upgrade of the injection 
system (either conventional AIG or static mixer enhanced) from passive to active control.  NOx 
distribution profiles generated during operation with a fixed, permanent grid may be coupled to a 
series of control valves or other means to bias reagent across the grid.  Although implementing 
this concept is not simple, the additional cost and O&M could significantly leverage the fixed 
investment in SCR. 
 
OBSERVATIONS AND CONCLUSIONS 
 
SCR technology has evolved considerably in the almost 25 years since the first commercial 
demonstrations in Japan.  Equally significant, the scope of the applications and design 
requirements of the SCR installations for the SIP-Call has increased, with 90% removal and the 
need for NH3/NO ratio as low as 3% SD. As a consequence, entire generating system NOx 
compliance strategies depend on successful deployment of the SCR. And lacking a robust NOx 
allowance market (at least in the early years), SCR system performance will directly impact the 
generation available from any one unit in a season.  The following observations are offered 
regarding O&M activities to preserve the operation of these systems: 
 
1. Design Margin.  Both competitive market forces and the use of catalyst management 


strategies that minimize least first cost probably leave less design margin in catalyst sizing 
(compared to the Japanese and European experience), to “insure” against unforeseen events.  
Monitoring process parameters is essential to understand SCR operation, and detect any 
problems early.  


 
2. Proactive Diagnostic Measurements.  Efforts to determine the distribution of NH3/NO ratio 


and other key process operating characteristics are essential to maintaining high performance.  
Although time-consuming and cumbersome, establishing the grid of inlet and/or outlet NOx 
from which one can infer the NH3/NO distribution will be useful.  Also important will be 
inspection and evaluation of catalyst deactivation (possibly including a third party) during the 
annual outage.  


 
3. Short-Term SCR Outlet NOx Variability.  Actual NOx outlet data can vary widely over 


short periods of time, so that an 8-hour rolling average may be as much as 200% above the 
30-day average.  For units that must observe a strict short-term average in addition to a 5-
month or annual NOx “cap”, a “target” should be determined to assure compliance.   


 







4. Data Historian.  A “data historian” activity will be beneficial to the owner/operator to track 
and document key operating parameters, including coal supply, and evaluation of trends 
between process operation and coal characteristics. 


 
5. Catalyst Management Options. Catalyst management options are numerous, particularly 


across a utility operating system when catalyst can be interchanged between units.  The 
ability to regenerate catalyst should be evaluated by the degree of activity restoration versus 
cost, and the net savings available within an entire system.  Operators should consider an 
independent assessment of system wide catalyst management, including competing 
regeneration options, in addition to new catalyst purchase.  


 
6. I&C Improvements.  Various improvements to I&C systems should be considered, that are 


logical extensions to leverage the investment in SCR to extract additional NOx tons.  Such 
systems may not be optional but necessities, if additional complexity introduced by 
aqueous/urea reagent systems induce time lags into the I&C strategy. 


 
These actions may not necessarily be expensive, but comprise additional duties in a competitive 
marketplace that are essential to preserve plant reliability.  
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BEFORE THE ADMINISTRATOR 
UNITED STATES ENVIRONMENTAL PROTECTION AGENCY 


IN THE MATTER OF: 
WISCONSIN POWER AND LIGHT 
COLUMBIA GENERATING STATION 


) 
) 
) 
) 
) 


Permit No. ll1003090-P20 ) 
Proposed by the Wisconsin Department ) 


Natural Resources ) 
~==~=====----------------


ORDER RESPONDING TO 
PETITIONER'S REQUEST 
THAT THE ADMINISTRATOR 
OBJECT TO ISSUANCE OF 
STATE OPERATING PERMIT 


Petition Number V-2008-l 


ORDER GRANTING IN PART AND DENYING IN PART 
PETITION FOR OBJECTION TO PERMIT 


On September 2, 2008, pursuant to its authority under the State of Wisconsin implementing 
statute, Wis. Stat. Ann. 285.62-285.64, and regulations, Wis. Admin. Code NR 407, title V of the 
Clean Air Act (Act or CAA), 42 U.S.C. §§ 7661~766If, and the U.S. Environmental Protection 
Agency's implementing regulations at 40 C.F.R. Part 70 (Part 70), the Wisconsin Department of 
Natural Resources (WDNR) issued a title V renewal operating permit to Wisconsin Power and 
Light (WPL) (now Alliant Energy) Columbia Generating Station (Columbia), #111003090-P20 
(P20). The Columbia plant primarily consists of two 527 megawatt pulverized coal fired boiler 
generators, and coal handling equipment, such as conveyors and storage piles. 


On September 3,2008, EPA received a petition from David Bender of the Garvey McNeil 
& McGillivray, SC, Law Offices, on behalf of the Sierra Club (Petitioner), requesting, pursuant to 
section 505(b)(2) of the Act and 40 C.F.R. § 70.8(d), that EPA object to issuance of the Columbia 
title V permit. The Petitioner alleges that the permit is not in compliance with the requirements of 
the Act. Specifically, the Petitioner alleges that (1) the Columbia permit omits applicable 
Prevention of Significant Deterioration (PSD) requirements based on an erroneous legal 
interpretation by WDNR; (2) WDNR failed to respond to substantive comments from Petitioner 
regarding alleged factual errors in WDNR's PSD applicability determination; (3) the permit does 
not include a compliance schedule addressing opacity/visible emissions (VE) violations; and (4) 
the permit omits applicable requirements related to hazardous air pollutant emissions, including the 
requirement to submit a case-by-case maximum achievable control technology (MACT) "MACT 
Hammer" application. ' 


EPA has reviewed these allegations pursuant to the standard set forth in section 505(b)(2) 
of the Act, which requires the Administrator to issue an objection if the Petitioner demonstrates to 
the Administrator that the permit is not in compliance with the appHcable requirements of the Act. 
See also 40 C.F.R. § 70.8(d); New York Public Interest Research Group v. Whitman, 321 F.3d 316, 
333 n.ll (2nd Cir. 2002). 
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Based on a review of the available infonnation, including the petition, the pennit record, 
and relevant statutory and regulatory authorities and guidance, I grant the Petitioner's request in 
part and deny it in part, for the reasons set forth in this Order. 


STATUTORY AND REGULATORY FRAMEWORK 


Section 502( d)(l) of the Act requires each state to develop and submit to EPA an operating 
permit program to meet the requirements of title V. EPA granted final full approval of the 
Wisconsin title V operating pennit program effective November 30, 2001. 66 Fed. Reg. 62951 
(December 4, 2001). 


All major stationary sources of air pollution and certain other sources are required to 
apply for title V operating pennits that include emission limitations and such other conditions as 
are necessary to assure compliance with applicable requirements of the CAA, including the 
requirements of the applicable State Implementation Plan (SIP). See CAA §§ 502(a) and 504(a), 
42 U.S.C. §§ 7661a(a) and 766Ic(a). The title V operating pennit program does not generally 
impose new substantive air quality control requirements (referred to as "applicable 
requirements"), but does require pennits to contain monitoring, recordkeeping, reporting, and 
other requirements to assure compliance by sources with existing applicable emission control . 
requirements. 57 Fed. Reg. 32250, 32251 (July 21, 1992) (EPA final action promulgating Part 70 
rule). One purpose of the title V program is to "enable the source, states, EPA, and the public to 
better understand the requirements to which the source is subject, and whether the source is 
meeting those requirements." ld. Thus. the title V operating penn its program is a vehicle for 
ensuring that existing air quality control requirements are appropriately applied to facility 
emission units and that compliance with these requirements is assured. 


F or a major modification of a major stationary source, applicable requirements include 
the requirement to obtain a preconstruction pennit that complies with applicable new source 
review requirements (e.g., PSD). Part C of the CAA establishes the PSD program, the 
preconstruction review program that applies to areas of the country, such as Pardeeville, 
Wisconsin, that are designated as attainment or unclassifiable for National Ambient Air Quality 
Standards (NAAQS). CAA §§ 160~169, 42 U.S.C. §§ 7470-7479. New Source Review, or 
"NSR," is the tenn used to describe both the PSD program and the nonattainment NSR program 
(applicable to areas that are designated as nonattainment with the NAAQS). In attainment areas, 
a major stationary source may not begin construction or undertake certain modifications without 
first obtaining a PSD permit. CAA § 165(a)(1), 42 U.S.C. § 7475(a)(I). The requirements 
established in a preconstruction PSD or nonattainment NSR pennit become applicable 
requirements that must be included in a source's title V pennit. 


Under section 505(a) of the Act, 42 U.S.C. § 7661d(a), and the relevant implementing 
regulations (40 C.F.R. § 70.8(a», states are required to submit each proposed title V operating 
pennit to EPA for review. Upon receipt of a proposed pennit, EPA has 45 days to object to final 
issuance of the permit if it is detennined not to be in compliance with applicable requirements or 
the requirements under title V. 40 C.F.R. § 70.8(c). If EPA does not object to a pennit on its 
own initiative, section 505(b)(2) of the Act provides that any person may petition the 
Administrator, within 60 days of expiration of EPA's 45-day review period, to object to the 
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permit. 42 U.S.C. § 7661d(b)(2), see also 40 C.F.R. § 70.8(d). The petition must "be based only 
on objections to the permit that were raised with reasonable specificity during the public 
comment period provided by the permitting agency (unless the petitioner demonstrates in the 
petition to the Administrator that it was impracticable to raise such objections within such period 
or unless the grounds for such objection arose after such period)." Section 505(b)(2) of the Act, 
42 U.S.C. § 7661d(b)(2). In response to such a petition, the CAA requires the Administrator to 
issue an objection if a petitioner demonstrates that a permit is not in compliance with the 
requirements of the CAA. 42 U.S.C. § 7661d(b)(2). See also 40 C.F.R. § 70.8(c)(l); New York 
Public Interest Research Group (NYPIRG) v. Whitman, 321 F.3d 316, 333 n.11 (2nd Cir. 2003). 
Under section 505(b )(2), the burden is on the petitioner to make the required demonstration to 
EPA. Sierra Club v. Johnson, 541 F.3d 1257, 1266-1267 (lIth Cir. 2008); Citizens Against 
Ruining the Environment v. EPA, 535 F.3d 670, 677-678 (7th Cir. 2008); Sierra Club v. EPA, 557 
F.3d 401,406 (6th Cir. 2009) (discussing the burden of proof in title V petitions); see also 
NYP IRG, 321 F .3d at 333 n.11. If, in responding to a petition, EPA objects to a permit that has 
already been issued, EPA or the permitting authority will modify, terminate, or revoke and 
reissue the permit consistent with the procedures set forth in 40 C.F.R. §§ 70.7(g)(4) and (5)(i)
(ii) and 70.8(d). 


Where a petitioner's request that the Administrator object to the issuance of a title V 
permit is based in whole, or in part, on a permitting authority's alleged failure to comply with the 
requirements of its approved PSD program (as with other allegations of inconsistency with the 
Act) the burden is on the petitioners to demonstrate that the permitting decision was not in 
compliance with the requirements of the Act, including the requirements of the SIP. Such 
requirements, as EPA has explained in describing its authority to oversee the implementation of 
the PSD program in states with approved programs, include the requirements that the permitting 
authority (1) follow the required procedures in the SIP; (2) make PSD determinations on 
reasonable grounds properly supported on the record; and (3) describe the determinations in 
enforceable terms. See, e.g., 68 Fed. Reg. 9,892, 9,894-9,895 (March 3, 2003); 63 Fed. Reg. 
13,795,13,796-13,797 (March 23,1998). EPA has approved the PSD programs into the SIPs of 
most states, including Wisconsin. See, e.g., 64 Fed. Reg. 28,745 (May 27, 1999). In reviewing a 
petition to object to a title V permit raising concerns regarding a state's PSD permitting decision, 
EPA generally will look to see whether the petitioner has shown that the state did not comply 
with its SIP-approved regulations governing PSD permitting or whether the state's exercise of 
discretion under such regulations was unreasonable or arbitrary. See, e.g., In re East Kentucky 
Power Cooperative, Inc. (Hugh L. Spurlock Generating Station) Petition No. IV-2006-4 (Order 
on Petition) (August 30, 2007); In re Pacific Coast Building Products, Inc. (Order on Petition) 
(December 10, 1999); In re Roosevelt Regional Landfill Regional Disposal Company (Order on 
Petition) (May 4, 1999). 


BACKGROUND 


Columbia submitted to WDNR an application to renew its title V permit on October 17, 
2007. WDNR provided the public notice ofthe draft title V permit on April 28, 2008 and 
proposed the title V renewal permit on July 9,2008. During the public comment period, WDNR 
received comments on the draft permit, including comments from the Petitioner. EPA did not 
object to the permit. WDNR issued the final permit on September 2, 2008. 
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October 23,2008 was the deadline, under the statutory timeframe in section 505(b)(2) of 
the Act, to file a petition requesting that EPA object to the issuance of the final Columbia permit. 
The Petitioner submitted its petition to object to the issuance of the Columbia permit to EPA on 
September 3, 2008. Accordingly, EPA finds that Petitioner timely filed this petition. 


ISSUES RAISED BY THE PETITIONER 


I. Prior PSD Applicability Determinations 


The Petitioner states that every title V permit must assure compliance by the source with 
all applicable requirements. Petition at 2, citing section 504(a) of the CAA; 40 C.F.R. § 70.1, Wis. 
Stat § 285.64(1); and Wis. Admin. Code § NR 407.09(4)(b). Applicable requirements include SIP 
requirements, including the requirement to obtain a PSD preconstruction permit and apply the best 
available control technology (BACT). Petition at 2, citing 40 C.F.R. § 70.2; Wis. Stat. 
§ 285.64(1); Wis. Admin. Code § NR 400.02(26); and In re Monroe Electric Generating Plan, 
Entergy Louisiana, Inc., Petition No. 6-99-2 (June 11, 1999). The Petitioner further asserts that, if 
the facility is not in compliance with all applicable requirements at the time of permit issuance, the 
permit also must contain an enforceable schedule to bring the facility into compliance. Petition at 
3, quoting In the Matter of Onyx Environmental Services, Petition No. V-2005-1 at 6-7 (February 
1, 2006). The Petitioner concludes that the Administrator must object to the Columbia permit 
because, among other things, it omits applicable PSD requirements and a schedule of compliance 
to ensure compliance with applicable PSD requirements. 


The Petitioner claims that PSD is an applicable requirement for the Colombia plant 
because, in 2006, WPL, the owners and operators of the facility, commenced construction of a 
project to replace the economizer, final superheater, and related components on Unit 1. According 
to the Petitioner, WPL estimated in its application to the Public Service Commission of Wisconsin 
(PSCW) that the cost of the project would be $18.9 million. Petition at 3. The Petitioner alleges 
that both WPL's application to the PSCW and the PSCW's response to the application identify the 
need to regain lost operating time as the purpose for the project. Petition at 4. The Petitioner 
asserts that WDNR concurred that the purpose of the project was to regain lost operating time 
attributable to the economizer and superheater sections of the boiler. Id. Based upon the WDNR 
analysis of the company's data, the Petitioner alleges that the permittee expects Unit 1 to regain 
35.075 hours annually as a result of the project. The Petitioner asserts that, multiplied by the 
assumed emission rate, this would result in a 61 ton per year increase in sulfur dioxide (S02), an 
increase that exceeds the threshold for a "major modification." Petition at 4-5. However, the 
Petitioner states that WPL's calculations result in an increase of only 39 tons per year. Petition at 
6, citing August 30, 2005 letter from Steve Jackson, WPL, to Steve Dunn, WDNR (Jackson letter). 
The Petitioner alleges that this conclusion is based on an impermissible interpretation of law 
"whereby a proj ected significant increase can be ignored and, instead, a facility can use confirmed
actual emissions to reevaluate emission increases after the project." Petition at 6. The Petitioner 
concludes that this is an erroneous interpretation of law, and, thus, the Administrator must object 
to the permit. Id. 
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A. The Economizer/Superheater Project on Unit 1 


The Petitioner provides a summary of the PSD program and its history, and claims that 
the PSD program requirements, including permitting, BACT, and emission impact analysis, are 
"applicable requirements" for purposes of title V for each facility that undergoes a "major 
modification." Petition at 6-7, citing 42 U.S.C. §§ 7475(a), 7479; Wis. Admin. Code §§ NR 
405.07,405.09,405.11,405.13·405.15. The Petitioner asserts that the economizer/superheater 
replacement was a major modification because it was a physical change which, under the correct 
interpretation of the law, resulted in a projected significant increase in S02 emissions, even 
assuming all of WDNR's factual assumptions are true. Petition at 7-8. 


Consistent with EPA's implementing regulations and the Act, Wisconsin's SIP, Wis. 
Admin. Code NR 405.02(21 )(b )(2)(i) (2006) defined "major modification" as "any physical 
change in or change in the method of operation of a major stationary source that would result in a 
significant net emissions increase of any air contaminant subject to regulation under the act." 
Accordingly, for a major modification to occur there must be (1) a physical change and (2) a 
significant net emissions increase. 


1. Physical Change 


The Petitioner claims that the term "physical change" is very broad. According to 
Petitioner, Congress intended that "any physical change" trigger the PSD program, and intended 
the term to have an expansive meaning. Petition at 8, citing New York v. EPA, 443 F.3d 880, 
885-87 (D.C. Cir 2006), New York v. EPA, 413 F.3d 3, 40-42 (D.C. cir. 2005); Wisconsin 
Electric Power Co. v. Reilly, 893 F.2d 901, 909 (th Cir. 1990); September 9, 1988 memorandum 
"Applicability of Prevention of Significant Deterioration (PSD) and New Source Performance 
Standards (NSPS) Requirements to the Wisconsin Electric Power Company (WEPCO) Port 
Washington Life Extension Project 3." The Petitioner contends that the economizer/superheater 
replacement project was unquestionably a "physical change" because the components are large 
and took many weeks and millions of dollars to replace. Petition at 8-9. 


Response 


The air emissions at the Columbia plant are governed by the Wisconsin SIP-approved 
PSD program. The Wisconsin PSD program applicable at the time of WDNR's applicability 
determination and the 2006 project was approved by EPA on May 27, 1999 (64 Fed. Reg. 
28745), and does not include later federal changes, "Reform," to the NSR major source 
regulations. 


There is not a genuine dispute on the issue of whether the 2006 replacement of the 
economizer/superheater was a "physical change." WDNR does not suggest that WPL claimed 
that this project was not a physical change to the Columbia plant. Instead, WPL in effect 
acknowledged a physical change by seeking a regulatory exemption under Wisconsin's SIP from 
PSD construction permit requirements for the proposed change. The October 12,2005 permit 
exemption letter from ,Roger Fritz, WDNR, to Steve Jackson, Alliant Energy (Fritz Letter) 
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approved WPL's request to exempt the project from permitting requirements by allowing WPL 
to purportedly manage its emissions to avoid a significant net emissions increase. 


2. Emission Increase 


a. State failed to properly apply the applicable legal test 


The Petitioner further alleges that the economizer/superheater replacement would result 
in a significant net emission increase under the correct legal test. The Petitioner asserts that, 
historically, to determine if a physical change results in a "significant net emissions increase" 
under the Wisconsin SIP, a source's actual emissions generally were compared to its potential to 
emit. Petition at 9, citing to Wis. Admin. Code §§ NR 405.02(1), (24)(a)1 (1988); Puerto Rican 
Cement Co., Inc. v. Us. EPA, 889 F.2d 292, 296 (1 sl Cir. 1989) (some cites omitted). However, 
Petitioner asserts, an electric utility steam generating unit, like the Columbia facility at issue 
here, has the option to compare its historic "actual" emissions to its future projected emissions, 
based on EPA's 1992 rulemaking known as the "WEPCO Rule." Petition at 9-10, citing Wis. 
Admin. Code § NR 405.02(l)(d); us. v. Murphy Oil USA, 143 F. Supp.2d 1054, 1104. The 
Petitioner claims that the "actual-to-projected-actual" test is a projection of future emissions. 
Petition at 1 O. Petitioner states that, under the WEPCO Rule and EPA's December 3 1, 2002 
rulemaking (67 Fed. Reg. 80186) in which EPA expanded the option to use the WEPCO Rule 
test to determine applicability for all types of facilities, an emission increase projection is based 
on the number of hours the unit is projected to operate in the future, multiplied by the emission 
rate. Petition at 10. The Petitioner suggests in a footnote that WPL underestimated the 
emissions from the project. Petition at 11, n.3. The Petitioner states, however, that WPL's own 
figures show that the hourly emissions rate for Unit 1, which is based on the emission unit's 
operational capabilities following the change, is 3481.5 lblhr (4985 MMBtu/hour*0.6984 lb 
S02IMMBtu). Petition at 11, citing Jackson letter, Attachment 1. The Petitioner calculates that, 
multiplied by the projected level of utilization attributable to the physical change, as required by 
the actual-to-projected-actual test, or 35.075 hours/yearl in this case, the resulting projected 
increase in S02 is greater than 61 tons per year, which is a significant net emissions increase. 
Petition at 11. The Petitioner claIms that this method of calculating a significant increase - a 
projection based upon regained operation hours multiplied by the hourly emission rate - is the 
same calculatio,n EPA has used in numerous cases. Petition at 11, citing United States v. Ohio 
Edison Co., 276 F. Supp.2d 829, 869-75 (S.D. Ohio 2003); In re Tennessee Valley Authority, 
9E.A.D. 357, 439-52(EAB 2000). 


The Petitioner alleges that WDNR did not determine PSD applicability based on the 
actual-to-projected-actual test. According to Petitioner, WDNR instead accepted WPL's 
interpretation of the law, which allowed WPL to ignore the projected significant increase, 
construct, and then determine PSD applicability based on confirmed post-project emissions. Id. 
Petitioner claims that WPL stated in a footnpte to its 39 ton/year emission increase projection 
that "[p ]lant operations will be managed to ensure Future Emissions are not exceeded above Past 
Actual emissions plus significant threshold." Petition at 11, quoting Jackson letter, Attachment 
1, n.S. Petitioner asserts that this is an incorrect interpretation oflaw, as it noted in its comments 
on the draft permit. Petition at 11. 


I Petitioner claims that this number is also too low. Petition at 11, n. 4. 
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The Petitioner further claims that WDNR did not respond substantively to its comments. 
Petitioner states that WDNR refused to revisit the prior interpretation of law, stating in its 
Response to Comments that "Sierra Club has not provided a sufficient basis for the Department 
to reexamine these previous exemptions or to require prevention of significant deterioration 
(PSD) permitting at this time." Petition at 12, quoting WDNR's Response to Comments at 2. 
The Petitioner states that WDNR's response is "wrong and insufficient," and, thus, the 
Administrator must object. The Petitioner alleges that the WEPCO Rule did not provide that a 
utility opting into the actual-to-projected-actual test "could ignore a projected significant 
increase and avoid PSD applicability based upon a promise to use actual-to-confirmed-actual 
post-project emissions to show no increase," but rather that the WEPCO Rule requires that a 
source first project that the change will not result in a significant increase, and then keep records 
to prevent "under-projecting." Petition at 12, citing 57 Fed. Reg. 32314, 32325 (July 21, 1992). 
The Petitioner claims that EPA expressly stated that the intent of the "backstop" recordkeeping 
and reporting provision was to "confirm the utility'S initial projections rather than annually 
revisiting the issue ofNSR applicability." Id. at 12. (Emphasis in original.) Petitioner further 
asserts that an "actual-to-confirmed-actual" test has been rejected by EPA and every court to 
consider it. Petition at 13, citing us. v. SIGECO, 2002 WL 1629817 (S.D. Ind. 2002); United 
States v. Cinergy Corp., 2005 U.S. Dist. LEXIS 28755; United States v. Ohio Edison Co., 276 
F. Supp.2d 829 (S.D. Ohio 2003); briefs and other documents filed by the United States in Us. 
v. Cinergy Corp., and Us. v. Duke Energy Corp. The Petitioner concludes that WDNR's 
acceptance of WPL's "wait and see approach" for determining PSD applicability is unlawful, 
and that the Administrator must object to the permit. Petition at 14. 


The Petitioner claims that WDNR's analysis is especially concerning because there is no 
explanation for WPL's projection ofa 39 ton per year increase in S02. The Petitioner states that, 
although WPL asserts that it will "manage" the Columbia facility's operations to prevent an 
increase of S02 greater than 39 tons per year, WPL has not indicated that it will manage other 
pollutants, such as carbon monoxide, nitrogen oxides and particulate matter, for which WPL 
predicts emission increases. Petition at 14. The Petitioner claims that there are no post
combustion pollution controls for S02 at the Columbia facility Unit 1 and emissions for all 
pollutants are directly correlated to total hours of operation. Petition at 14, citing Jackson letter, 
Attachment 1. The Petitioner states that WPL's assertion that it will attempt to "manage" 
emissions post-project to limit increases in S02 conflicts with its projection of increases for the 
other pollutants, and concludes that this incongruity reinforces why EPA should not countenance 
WDNR's and WPL's reliance on the "actual-to-confirmed-actual" for S02. Petition at 14. 


Response 


EP A grants the petition on this issue and finds that WDNR misapplied the regulatory 
standard for determining whether the replacement of the economizer/superheater in 2006 
resulted in a significant net emission increase. As discussed below, we further conclude the 
WDNR improperly allowed the facility to rely on a post-change emission level that was not 
consistent with "normal source operations" and that WDNR improperly allowed the source to 
rely upon certain exceptions noted below. 


7 







WDNR based its decision that the PSD requirements were not applicable to the Columbia 
plant on a misapplication of the regulatory standard for detennining whether there was a 
significant emissions increase, and as a result improperly considered whether there was a 
significant net emissions increase. Under the applicable SIP provisions, a detennination of 
whether a project results in a significant emissions increase is examined by comparing pre
change actual emissions2 with a projection of post change emissions. As Petitioner does not 
dispute the calculation of pre-change emissions, the gravamen of Petitioner's argument is that 
WDNR used an improper legal standard to measure the post-project emissions from the 
replacement of the economizer/superheater in 2006. Petition at 2. 


The then-applicable Wisconsin SIP provision for projecting actual emissions of electric 
utility facilities after a physical change is set forth in Wis. Admin. Code NR 405.02(1)(d)(2006). 
That provision states the following: 


For an electric utility steam generating unit, other than a new unit or the replacement of 
an existing unit, actual emissions of the unit following the physical or operational change 
shall equal the representative actual annual emissions of the unit, provided the source 
owner or operator maintains and submits to the department, on an annual basis for a 
period of 5 years from the date the unit resumes regular operation, infonnation 
demonstrating that the physical or operational change did not result in an emissions 
increase. A longer period, not to exceed 10 years, may be required by the department if 
the department determines such a period to be more representative of normal source post
change operations. 


NR 405.02(1)(d)(2006). 


WDNR seeks to justify its approach for assessing post-project emissions for the project in 
the October 12, 2005 permit exemption letter from Roger Fritz at WDNR to Steve Jackson. In 
this letter, WDNR stated that "as long as the facility would be operated in a way that would not 
result in a significant net emissions increase, the project would not be a major modification, and 
would not require a construction permit under ch. NR 405, Wis. Adm. Code." Fritz Letter at 2. 
WDNR further stated that "projected future emissions would be limited by the applicant for 
nitrogen oxides and sulfur dioxide to below the sum of past actual emissions plus the 
significance threshold". Id. at 2. Although the significance threshold for S02 was 40 tpy, and the 
facility in fact projected a 61 ton increase in S02 due to regained operating hours, WDNR 
explained that "the applicant would limit operations to keep emissions below this level for the 
five-year period following the project." Id. at 2. Based on this faulty analysis that ignored the 
projected post-project emissions, WDNR excluded the project from PSD. 


As noted above, the applicable provision for computing post-change emissions requires 


2 "Actual emissions" were defined under the Wisconsin SIP, Wis. Admin. Code NR 405.02(1) (2006), as "the actual 
rate of emissions of a air contaminant from an emissions unit, as determined in accordance with paragraphs (a) 
through (d)." Wis. Admin. Code NR 405.02(l)(a) (2006) provides a method for calculating pre-project actual 
emissions. Under this regulation, actual emissions before a project "shall equal the average rate, in tons per year, at 
which the unit actually emitted the pollutant during a two-year period which precedes the particular date and which 
is representative of normal source operation." 
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that they be "representative actual annual emissions." Wis. Admin. Code NR 405.02(l)(d) 
(2006). Absent from WDNR's approach of permitting post-project emissions management as a 
way to avoid PSD, is an explanation of how providing for a period of five years in which a 
facility artificially limits its emissions, and monitors to stay below the significance threshold, is 
consistent with this requirement. 


Indeed, the five years in which the facility has agreed informally to constrain it emissions 
and report post-change emissions data appears directed at aligning with the post project 
recordkeeping requirement in NR 405.02(1)(d) (2006); but this five year window does not by its 
terms establish a window in which, if a facility artificially constrains its emissions, it avoids 
NSR. Since this artificial emission limit could not be considered "representative actual annual 
emissions of the unit" following the physical change, WDNR used the wrong methodology for 
measuring post-project emission increases for an electric utility steam generating unit. 
Accordingly, WDNR misapplied its SIP standard by using an artificial emission limit rather than 
the "representative actual annual emissions of the unit" following the physical change. The use 
of this artificial emission standard was inconsistent with Wis. Admin. Code NR 
405.02(1)( d)(2006). 


WDNR's use of an improper standard for projecting actual emissions from the project 
change also prevented it from pn?perly determining whether the physical change would result in 
significant net emission increase. Wis. Admin. Code NR 405.02(24)(a)(2006) defines a "net 
emissions increase" as "the amount by which the sum of the following exceeds zero: 1. Any 
increase in actual emissions from a particular physical change or change in the method of 
operation at a stationary source. 2. Any other increases and decreases in actual emissions at the 
source that are contemporaneous with the particular change and are otherwise creditable." 
WDNR did not do a proper applicability determination because it misapplied the PSD standard 
for determining actual emissions from the proposed physical change. As a result, WDNR 
improperly concluded that the physical change did not result in a major modification that 
triggered PSD permitting requirements. 


WDNR also improperly relied on certain minor source permitting exemptions to justify 
its permitting decision. More specifically, WDNR found two additional grounds for excluding 
the project in 2005 from PSD permit requirements un4er Wis. Adm. Code sections NR 
406.04(4)(e) - Increase in hours of operation and NR 406.04(4)(h) - Other changes. Fritz Letter 
at 2 An "increase in hours of operation" is not considered a modification under Wis. Adm. Code 
NR 406.04((4)(e) (2006) if: 


1. The increase is not prohibited by any permit, plan approval or special order applicable 
to the source. 


2. The increase will not cause or exacerbate the violation of an ambient air quality 
standard or ambient air increment or violate an emission limit. 


Further, Wis. Adm. Code NR 406.04(4)(h) (2006) provides an exemption for a "change" that 
meets all of the following conditions: 
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1. The change is not prohibited by any permit, plan approval or special order applicable 
to the source. 


2. The change is exempt under sub. (1), or the increased emissions due to the change do 
not exceed the maximum theoretical emission levels specified in sub. (2) (b), (c), (cm), 
(d) and (t). 


3. The change does not trigger a requirement under section 111 or 112 of the Act, 42 
U.S.C. § 7411 or 7412. 


By the terms of Wis. Adm. Code NR 406.04, these exemptions are not applicable where 
the project constitutes a major modification. See Wis. Adm. Code NR 406.04 ("This section 
does not provide an exemption from construction permit requirements for a source that is 
required to obtain a permit under ch. NR 405"). Since WDNR has failed to show that the project 
was not a major modification under Wis. Adm. Code NR 405 (21) (2005) these exemptions do 
not apply.3 WDNR does not offer a reasoned analysis sufficient to justify its PSD permitting 
decision. WDNR has simply misapplied its standard for determining the applicability of its SIP· 
approved PSD permit requirements. 


WDNR must reevaluate the physical change in light of the correct PSD standards for 
determining actual emissions from the physical change at an electric utility steam generating 
unit. The WDNR must also do a proper applicability determination based on the correct post
project emissions standard, and clearly explain its analysis in the permit record. If WDNR 
concludes that the physical change, in fact, resulted in a significant net emissions increase for 
S02, WDNR must require WPL to obtain a PSD permit for the modification and will have to 
make appropriate changes to the source's title V permit and the permit record. 


Further, EPA finds that WDNR failed to adequately respond to significant comments 
concerning whether PSD was triggered by the 2006 physical change. EPA has concluded that 
WDNR used the incorrect standard to determine PSD applicability. WDNR must reexamine its 
decision in light of the correct standard under its PSD regulations as discussed above and make 
appropriate changes to its permit and permit record. The failure of WDNR to respond to 
comments may have resulted in a flaw in the permit regarding PSD requirements. 


b. State must address factual allegations regarding underestimation of post-change 
actual emissions 


The Petitioner alleges that, in addition to WDNR's erroneous legal interpretation of the 
WEPCO Rule, WDNR also ignored evidence that the Petitioner supplied in its public comments 
regarding the estimate of the emissions increases attributable to the economizer/superheater 
project. Petition at 14, citing Sierra Club comments at 14-18. Petitioner states that WPL 
projected and WDNR accepted future emissions based on the emission rate multiplied by the 
maximum heat rate and the regained hours of operation. Petition at 15, citing Jackson letter, 


3 While there is a PSD exemption related to an increase in hours of operation or production rate this exemption does 
not apply ifit was caused or was enabled by an independent physical change. See, Environmental Defense v. Duke 
Energy Corp., 549 U.S. 561, 580. 
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Attachment 1. The Petitioner alleges that a review of data posted on EPA's Acid Rain Database 
from the Columbia continuous emissions monitor (CEM) for January 2003 through December 
2004 shows that the average hourly heat input for that period was 5,357.7 MMBtulhour, rather 
than 4,985 MMBtulhour, as WPL had represented.' Petition at 15, citing Sierra Club comments 
at 16. The Petitioner asserts that WDNR responded to the comment by stating that "Sierra Club 
has not provided a sufficient basis for the Department to reexamine these previous 
exemptions ... " to the PSD permitting requirements. Petition at 16, quoting WDNR Response to 
Comments at 2. Petitioner asserts that a meaningful response to comments requires more, and 
that WDNR cannot refuse to look at data. Petition at 15. Further, Petitioner alleges that the 
exemption determination was not publicly noticed, and the public was given no opportunity to 
comment on it. Petition at 15-16. Petitioner asserts that WDNR's refusal during the title V 
permitting process to reexamine a determination it made without notice and comment would 
negate the opportunity for notice and comment on title V permits. Petition at 16. The Petitioner 
claims that, if allowed by EPA, this practice would invite WDNR to make "off-permit 
determinations," then refuse to reexamine them during the title V permit process. Id. The 
Petitioner concludes that EPA must object and require that WDNR provide a meaningful 
response to the Sierra Club's comments. The Petitioner further claims that the Administrator 
must object because the facts show that the CEMs data demonstrates that the average heat rate 
for Columbia Unit 1 is much higher than assumed by WDNR. Id. 


The Petitioner further alleges that WPL's projected increase in hours of operation 
attributable to the economizer/superheater replacement project for purposes of PSD permitting 
was "vastly different than the number of hours WPL told the PSCW when attempting to justify 
the economic benefit of the modification." Petition at 16, citing Sierra Club comments at 16-17. 
The Petitioner states that "WPL told the PSCW that it suffered 3 tube failures in 2003 and 2 tube 
failures in 2004, and that the average tube failure forced outage lasted 7515 hours." Petition at 
16, citing WPL's application to the PSCW at 11.4 The Petitioner asserts that this data would 
suggest to the PSCW that the project would allow the unit to regain 188.75 hours annually, rather 
than the 30.075 reported to WDNR. Petition at 16. Petitioner further states that publicly 
available information from the Generation Availability Data System also indicates that WPL's 
30.075 hours/year representation omitted an outage in May 2004. Petition at 16, citing Sierra 
Club comments at 17. 


The Petitioner claims that WDNR's response to these comments was to say that WDNR 
"did not have 'a sufficient basis' to reexamine its prior exemption determination." Petition at 16. 
The Petitioner concludes that WDNR is required to provide a meaningful response to these 
comments. Petition at 16-17, citing In re Midwest Generation, LLC, Waukegan Generation 
Station, Petition No. V-2004-5 (September 22,2005) (Midwest Generation - Waukegan); In re 
Consolidated Edison Co. Hudson Ave. Gen. Station, Petition No. II-2002-1 0 (September 20, 
2003). 


The Petitioner claims further that the Sierra Club comments showed that, if the pre
project baseline emissions were calculated for the 24 months immediately preceding the 
economizer/superheater replacement project, as the Petitioner asserts the Wisconsin SIP 
presumes, the number of regained hours of operation from the project would be 167.50 rather 


4 EPA believes the proper cite to the PSCW application should be to page 12. 
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than 30.075 hours. Petition at 17, citing Sierra Club comments at 17-18; Wis. Admin. Code 
NR 405.02(1)(a) (2004). The Petitioner alleges that WDNR, again, refused to reconsider its 


"prior off-permit non-applicability determination." Petition at 17. The Petitioner claims that this 
response, which "was effectively a refusal to consider the comment," is insufficient and that the 
Administrator must object. Id. 


The Petitioner alleges that a title V permit "must assure[] compliance by the source with 
all applicable requirements." Petition at 17, quoting section 504( a) of the CAA. . (Some cites 
omitted.) The Petitioner further asserts that "applicable requirements" include "requirements 
contained in preconstruction permits and the requirement to obtain preconstruction permits, 
comply with BACT, and undertake air impact analysis." Petition at 17, citing 40 C.F.R. § 70.2; 
Wis. Stat. § 285.64(1); Wis. Admin. Code § NR 400.02(26). The Petitioner asserts that PSD 
requirements are applicable requirements for Columbia Unit 1, and WDNR's failure to assure 
compliance with PSD was based on erroneous data. Petitioner further claims that WDNR's 
analysis assumed an erroneous heat input for Unit 1, as well as underestimating the regained 
hours of operation attributable to the economizer/superheater replacement project. Petition at 
17 -18. The Petitioner claims that the permit's failure to assure compliance with PSD 
requirements results in unreviewed emission increases and a failure to ensure BACT emission 
limits are met, and concludes that the Administrator must object. Petition at 18. 


Response 


EPA finds that WDNR failed to adequately respond to significant comments concerning 
whether PSD was triggered by the 2006 physical change. The failure ofWDNR to respond to 
comments may have resulted in a flaw in the permit regarding PSD requirements. 


In its reevaluation, WDNR must consider and address Petitioner's assertions regarding 
underestimated emissions increases attributable to the project. For example, WDNR should 
address and resolve Petitioner's assertion of an apparent conflict related to calculations of the 
hourly heat input and the estimate of regained hours of operation due to the physical change. 


II. Compliance Schedule 


The Petitioner asserts that every title V permit "must disclose all applicable requirements 
and any violations at the facility." Petition at 18, citing section 503(b) of the CAA; 40 C.F.R. 
§ 70.5(c)(4)(i), (5), (8); Wis. Admin. Code § NR 407.05(4)(h). The Petitioner further claims 
that, for applicable requirements for which the source is not in compliance at the time of permit 
issuance, the source's application must provide a narrative description of how the source intends 
to come into compliance with the requirements. Petition at 18, citing section 503(b) of the CAA; 
40 C.F.R. § 70.5(c)(8)-(9); Wis. Admin. Code § NR 407.05(4)(h)2.c.; Midwest Generation
Waukegan at 4. The Petitioner states that the application must propose a compliance schedule 
for any applicable requirement with which the source is not in compliance. Petition at 18, citing 
40 C.F.R. § 70.5(c)(8)(iii); Wis. Admin. Code § NR 407.05(4)(h)2.c. The Petitioner further 
claims that, if any statement in the application was incorrect, or if the application omits relevant 
facts, including the fact that a facility is not in compliance, the applicant has an ongoing duty to 
supplement and correct the application. Petition at 18, citing 40 C.F.R. § 70.5(b); Wis. Admin. 
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Code § NR 407.05(9). The Petitioner states that the final title V permit must contain a 
compliance schedule for any requirements with which the facility is not in compliance at the 
time of permit issuance. Petition at 18, citing section 504(a) of the CAA; 40 C.F.R. § 70.6(a), 
(c). 


The Petitioner quotes at length from its comments on the draft permit, in which it set out 
data from the "most recent" excess emission reports which, Petitioner alleges, confirm that 
Columbia has "unaddressed, continuing opacity violations" from 2007 and 2008. Petition at 18- . 
19. The Petitioner claims that it had attached to its comments the excess emissions reports, 
"signed by the company attesting to the accuracy, showing these ongoing violations." Petition at 
19, citing to Columbia's excess emission report for opacity. The Petitioner alleges that WDNR 
agreed that there were violations at Columbia, but that it refused to impose a compliance 
schedule because it believed that "the duration of the exceedance is not significant enough to 
warrant a compliance plant [sic] in the current permit renewal;" based upon a guidance document 
from EPA regarding enforcement actions for high priority violations. Petition at 19-20, quoting 
WDNR Response to Comments at 2-3. The Petitioner claims that this was not a case in which 
WDNR determined that the excess emission reports were insufficient to demonstrate non
compliance, or where the Petitioner is asking the State or EPA to made a finding of violation 
where the "violations are contested by both the permitting authority and the source." Petition at 
20 (cites omitted). Rather, Petitioner asserts, WDNR determined that there were violations at 
Columbia but nevertheless relied upon EPA guidance, The Timely and Appropriate (T&A) 
Enforcement Response to High Priority Violations (HPVs) Figure 4-4 (OECA June 23,1995) 
(HPV Guidance), to determine that, despite the violations, no compliance schedule was required. 
Petition at 20. The Petitioner claims that the result of WDNR's interpretation is "to confine the 
requirement ofa compliance schedule in 42 U.S.C. § 7661c(a) and 40 C.F.R. § 70.5(c)(8)(iii) to 
High Priority violations under EPA Guidance." Petition at 20. The Petitioner states that WDNR 
"suggests that only violations meeting the definition of a High Priority violation or HPV under 
EPA Guidance" require a compliance schedule in the Part 70 permit. Petition at 20, citing 
WDNR Response to Comments at 2. Petitioner asserts that WDNR misinterprets the law; 
neither title V nor Part 70 conditions the requirement of a compliance schedule on a 
"significance" threshold. Petition at 20. The Petitioner claims that, based on the plain language 
of section 504(a) of the CAA, as well as 40 C.F.R. § 70.6(a)(1), "a schedule of compliance is 
required in each permit." Petition at 21. The Petitioner concludes that, since WDNR agrees that 
Columbia is not complying with opacity limits at all times, a compliance schedule is mandatory, 
and WDNR's failure to include one in the permit requires that the Administrator object. Petition 
at 22. 


The Petitioner asserts that the Administrator has objected previously, based on a petition 
that raised a similar issue. The Petitioner states that Sierra Club had petitioned the Administrator 
to object to a title V permit, issued to the TVA Gallatin Power Plant, which allowed the facility 
to rely on emission reports to certifying compliance with opacity limits, despite the fact that the 
emission reports showed violations of the opacity standard up to 2% of operating time. 
According to the Petitioner, in that case, a state regulation exempted facilities violating the 
opacity limit less than 2% of the time from immediate enforcement actions, and, based on that 
regulation, the title V permit allowed reports showing violations up to 2% of the time to be 
"prima facie evidence of compliance." Petition at 22, citing In re TVA Gallatin Power Plant, 
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Petition No. IV-2003-4 (July 29,2004) (TVA Gallatin) at 4-8. The Petitioner claims that EPA 
objected to the permit because the exception for up to 2% of operating time contradicted the 
applicable standard in the SIP. Id. The Petitioner concludes that, although EPA's objection in 
the TVA Gallatin petition was based on 40 C.F.R. § 70.6(c)(1), the holding applies here: 
exemptions from opacity limits based on enforcement policies that are not included in the 
approved SIP are not a lawful basis for omitting applicable Part 70 requirements. Id. 


The Petitioner further claims that the HPV criteria to which WDNR cited were not 
intended for title V permitting, and asserts that violations that do not constitute HPVs are not 
considered compliance with the law. Id. The Petitioner states that the HPV Guidance is 
intended to '''prioritize violations for enforcement purposes,' and not to redefine what constitutes 
a violation." Petition at 22-23, quoting HPV Guidance at 1-1. The Petitioner claims that the 
HPV Guidance emphasizes that it should not be read as excusing violations. Petition at 23, 
citing HPV Guidance at 1-1. The Petitioner states that the HPV Guidance directs that it "cannot 
be used to establish new standards or limits, are not binding on any party, and cannot be relied 
upon to create any rights enforceable by any party." Petition at 23, quoting HPV Guidance at A
I. The Petitioner concludes that the HPV Guidance does not define a violation, but prioritizes 
which violations will receive the most attention when spending limited civil and criminal 
enforcement resources. Petition at 23. The Petitioner asserts that WDNR should be "well 
aware" that the guidance does not re-write the regulations that establish standards. The 
Petitioner quotes extensively from a September 6, 2005 letter, in which the Wisconsin Attorney 
General stated "there is no 'minor violations' exception in the law, and that violations of the law, 
no matter how seemingly 'minor' in effect, do and should have enforcement consequences 
commensurate with those violations." Petition at 23-24, quoting September 6, 2005 Wisconsin 
Attorney General letter. The Petitioner claims that WDNR's "decision to sanction excess 
opacity emissions" conflicts with the CAA, Part 70, and EPA's prior decisions, as well as the 
State Attorney General's interpretation of the law and guidance. The Petitioner concludes the 
Administrator must object to the Columbia title V permit and require WDNR to reissue the 
permit with a compliance schedule that brings the plant into compliance with visible emission 
limits, consistent with 40 C.F.R. § 70.5(c)(8). 


Response 


EP A's regulations require a compliance schedule for "sources that are not in 
compliance with all applicable requirements at the time of permit issuance." 40 C.F.R. § 
70.5(c)(8)(iii)(C); see also 40 C.F.R. § 70.6(c)(3). EPA finds that Petitioner has not 
demonstrated noncompliance at the time of permit issuance necessitating a compliance schedule. 
Although Petitioner submitted opacity reports showing emissions in excess of the opacity 
standard, Petitioner's reference to these reports does not demonstrate that the source's 
exceedances of the opacity standard were violations, or that the source was in non-compliance at 
the time of permit issuance necessitating a compliance schedule. EPA notes that not all 
exceedances necessarily constitute violations of the opacity standards. The Wisconsin SIP 
contains certain exceptions from the opacity standard. See NR 431.05. Further, WDNR 
reviewed these emission reports and determined the exceedances were "not significant enough to 
warrant a compliance plan in the current permit renewal." Response to comments at 2. 
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Contrary to Petitioner's assertion, it is not clear from WDNR's response to comment 
that the State actually found that the source was in violation of opacity requirements at the time 
of permit issuance. The Petitioner makes much of the fact that the State determined that the 
exceedances would not trigger'the high priority enforcement policy. EPA does not believe that 
the State's discussion of the high priority enforcement policy constituted a finding that the source 
was in violation of opacity requirements at the time of permit issuance. EPA notes that if a 
permitting authority determines that a source is in violation of a requirement at the time of permit 
issuance, it would not be appropriate for the permitting authority to simply refer to an 
enforcement policy to determine that no compliance schedule is necessary. But here the State 
did not expressly find violations at the of permit issuance necessitating a compliance schedule. 
See Citizens Against Ruining the Environment v. EPA, 535 F.3d 670 (th Cir. 2008) (upholding 
EPA's decisions denying petitions to object to several title V permits issued by the Illinois 
Environmental Protection Agency to Midwest Generation, and finding that, in light of the strict 
time lines for title V permit processing and review, the complementary enforcement authorities 
under the Act, the fact that the sources had certified compliance, and the State's review of the 
data, it was reasonable for EPA to determine that petitioners had not made the requisite 
demonstration under CAA section 505(b)(2) that the permit was not in compliance with the Act). 


The Petitioner also argues that: 


The Administrator has objected previously based on a petition raising a similar issue. In 
re TVA Gallatin Power Plant, Petition IV-2003-4, Order at 4- 8 (EPA Adm'r July 
29,2004). In the TVA Gallatin case, Sierra Club petitioned the Administrator to object to 
a Title V permit that allowed a facility to rely on emission reports to certify compliance 
with opacity limits despite the fact that the emission reports showed violations of the 
opacity standard up to 2% of operating time. Id. A state regulation exempted facilities 
violating the opacity limit less than 2% of the time from immediate enforcement actions 
and, based on this regulation, the title V permit allowed reports showing violations up to 
2% of the time to be "prima facia evidence of compliance." Id. However, because the 
exception for up to 2% of operating time contradicted the applicable standard in the state 
implementation plan, EPA objected. Id. Although EPA's objection in the TVA Gallatin 
case was based on 40 C.F.R. § 70.6(c)(l), the holding is equally applicable here
exemptions from opacity limits based on enforcement policies that are not included in the 
approved implementation plan are not a lawful basis for omitting applicable Part 70 
requirements. 


Petition at 22. Plainly, the TVA Gallatin matter has little relevance here. For example, unlike 
TVA Gallatin, the current petition does not involve an allegation that the permit terms contradict 
the applicable requirements regarding opacity. In the present matter, the title V renewal permit 
does not improperly excuse or exempt opacity exceedances up to 2% of the time or allow such to 
be "prima facia evidence of compliance." Id. 


For the reasons noted above, I deny the Petition on this issue. 
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III. Part 2 Application for Case-by-Case MACT for Industrial Boilers 


The Petitioner claims that Columbia is a major source of hazardous air pollutants under 
section 112 of the Act, and that it contains an industrial boiler covered by 40 C.F.R. Part 63, 
subpart B, Table 1. Petition at 25~ citing to Sierra Club comments at 27-28 The Petitioner 
contends that, because the Circuit Court of Appeals for the District of Columbia (D.C. Circuit) 
vacated the MACT for industrial boilers in Natl. Res. De! Council v. EPA, 489 F 3d 1250 (D.C. 
Cir. 2007), industrial boilers are subject to the "MACT Hammer" provision of 42 U.S.C. 
§ 74120). Petition at 25-26. Thus, the Petitioner reasons, the requirement to apply for a limit 
under section 1120), Part 2 of the CAA applies to Columbia. Petition at 26, citing 40 C.F.R. 
§ 63.52(e). The Petitioner states that it requested in its comments on the draft permit that 
WDNR "acknowledge that 1120) and 40 C.F.R. §§ 63.50 - 63.56 are applicable requirements, 
and include a schedule of compliance requiring a MACT Part 2 application immediately, and a 
revised title V permit within 18 months to incorporate a case-by-case limit." Petition at 26, 
citing Sierra Club comments at 31-32 (additional cites omitted). The Petitioner claims that 
WDNR refused, saying that' [a]t this time there are no specific enforceable requirements that we 
can include in the operation permit, such as when an application under s. 1120) needs to be 
submitted." Petition at 26, quoting WDNR Response to Comments at 3. The Petitioner asserts 
that WDNR is incorrect, that the requirement to apply for a limit under section 112(j) of the 
CAA applies to Columbia, and that WDNR must include it in the Columbia permit. Petition at 
26. 


The Petitioner asserts that the case-by-case MACT limit and the requirements to submit a 
Part 2 application and obtain a case-by-case MACT limit are applicable requirements, and that 
the Administrator must object because WDNR did not include either these applicable 
requirements or a schedule of compliance in the Columbia permit. Petition at 27. The Petitioner 
discusses at length why these requirements are "applicable requirements" under 40 C.F.R. 
§ 70.2. ld. 


The Petitioner claims that 40 C.F .R. § 63 .52( e)(1) is an applicable requirement which 
provides that "[e]ach owner or operator who is required to submit to the permitting authority a 
Part 1 MACT application ... must also submit to the permitting authority a timely Part 2 MACT 
application for the same sources which meets the requirements of Sec. 63.53(b) ... no later than 
the applicable date specified in Table 1 to the subpart (emphasis added)." Petition at 27, quoting 
40 C.F.R. § 63.52(e)(1). The Petitioner notes that WPL has submitted a Part 1 application for the 
Columbia facility. Petition at 27. The Petitioner states that, in its comments on the draft permit, 
the Sierra Club requested that WDNR acknowledge that 112(j) and 40 C.F.R. §§ 63.50-63.56 are 
applicable requirements, include a schedule of compliance requiring a MACT Part 2 application 
immediately, and revise the Columbia title V permit within 18 months to incorporate a case-by
case limit. The Petitioner asserts that, according to table 1 under 40 C.F.R. § 63.53(b), the 
deadline to submit a Part 2 application was April 28, 2004. Id. The Petitioner concludes that the 
Administrator must object because case-by-case MACT limits and the requirement to submit a 
Part 2 application are applicable requirements that WDNR did not include in the permit. Petition 
at 27-28. The Petitioner further states that Part 70 requires that each permit contain a compliance 
schedule consistent with 40 C.F.R. § 70.5(c)(8). Petition at 28, citing 40 C.F.R. §§ 70.5(c)(8), 
70.6(c)(3). The Petitioner asserts that the Administrator must also object because the Columbia 
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permit does not contain a schedule of compliance to bring the facility into compliance with both 
the obligation to submit a Part 2 application and the future obligation to comply with a case-by
case section 1120) limit that will become effective during the five-year permit term. Petition at 
28. 


Response 


In its July 9, 2008, Response to Comments, WDNR stated: 


Boilers and process heaters at major sources of hazardous air pollutants were 
subject to regulation under 40 CFR 63 Subpart DDDDD, which was vacated by 
the D.C. Circuit Court of Appeals (6/8/2007). The Department promulgated a 
standard at ch. NR 462, Wis. Adm. Code, which is equivalent to the vacated 
boiler MACT at 40 CFR 63 Subpart DDDDD. The state rule was stayed by 
emergency order AM-38-07E and order AM-37-07. The absence of the EPA 
standard may trigger the requirements ofs. 1120)(5) of the Clean Air Act which 
generally requires affected facilities to submit a permit application for a case-by 
case MACT determination under 40 CFR 63.52. The Department is waiting for 
specific guidance from EPA on what must be done when a promulgated standard 
is vacated by the courts. At this time there are no specific enforceable 
requirements that we can include in the operation permit, such as when an 
application under s. 1120) needs to be submitted. Once a complete application 
has been received, the Department may revise the permit under s. NR 407.14, 
Wis. Adm. Code, to make the case-by-case MACT determination. A footnote 
was added to the final permit addressing the applicability of s. 1120). 


WDNR Response to Comments at 3. 


WDNR added a footnote to the final permit for Columbia regarding 1120) which states: 


The Department may revise this section under s. NR 407.14, Wis. Adm. Code, to 
address additional requirements for hazardous air pollutant emissions as required 
under section 112(j) of the Clean Air Act [42 U.S.C. 7412(j)]. Under s. 112(j)(2), 
an affected facility is required to submit a permit application if EP A fails to 
promulgate a standard for a source category (industrial boiler). 


Columbia permit at 5. 


Subsequent to responding to the Petitioner's comments on Columbia permit P20 on July 
9,2008, WDNR requested a 112(j) application from Columbia. On November 11,2008, WDNR 
notified potentially subject sources, including Columbia, via email, of their 112(j) obligations. 
In the message, WDNR stated, "[0 ]ne interpretation is that an application is due no later than 18 
months after the court vacatur of the EPA standard for boilers and process heaters (Le. due 
1/27/2009)." WDNR received Columbia's 1120) Part 1 application on January 26, 2009, and its 
Part 2 application 60 days later, on March 26,2009. 


The Petitioner claims that Part 70 requires that each permit contain a compliance 
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schedule consistent with 40 C.F.R. § 70.5(c)(8). The Petitioner asserts that the Administrator 
must object because the Columbia permit does not contain a schedule of compliance to bring the 
facility into compliance with both the obligation to submit a Part 2 application and the obligation 
to comply with a case-by-case section 112m limit that will become effective in the future. Even 
assuming that Petitioner's view of Columbia's obligation to submit a Part 2 application is 
correct, because Columbia has already submitted its Part 2 application, Petitioner's claim with 
respect to this issue is moot. With respect to Petitioner's claim that the permit's schedule of 
compliance must address the future obligation to comply with a case-by-case section 112m limit, 
EPA notes that WDNR would incorporate a 112m limit through a title V permit amendment and 
it is possible that compliance with any such limit will not be required until after the current 
permit term. Thus EPA denies the claim that the title V permit that is the subject of this petition 
was required to address the 112m limit. 


For the reasons discussed above, I deny the petition on this issue. 


CONCLUSION 


For the reasons set forth above, and pursuant to section 505(b)(2) of the Clean Air Act, I 
am granting in part and denying in part the petition filed by David Bender on behalf of the Sierra 
Club. Because this permit has been issued, EPA or the permitting authority will modify, 
terminate, or revoke and reissue the permit consistent with the procedures in 40 C.F.R. §§ 
70.7(g)(4) or (5)(i) and (ii), and 70.8(d). WDNR shall have 90 days from receipt of this Order to 
resolve the objections identified above and to terminate, modify, or revoke and reissue the 
Columbia title V renewal permit accordingly. 


Dated: ~-.-
LiS~ 
Administrator 
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Air po11uuon comro1 costs 


3 Nitrogen oxides 
Nitrogen oxides (NOx) formation in coal-fired power stations occurs through 


complex chemical reactions. NOx are formed from the oxidation of nitrogen 
contained within the coal and from the combustion air. These two distinct nitrogen 
sources produce NOx emissions known as fuel-NOx and thermal-NOx respectively. 


Fuel-NOx formation is Jess sensitive 
to temperature compared to thermal
NOx. but is strongly influenced by 
oxygen availability. The effects of coal 
characteristics including the nitrogen 
content of the coal are not completely 
understood (Davidson, 1994). The per
centage of fuel-NOx formation varies 
significantly with different coals and 
boiler operating conditions. Fuel-NOx 
can account for as much as 80% of the 
total uncontrolled NOx emissions. 


The rate ofthermal-NOx depends on 
the temperature and oxygen concentra-
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tion within the firing zone. A third 
mechanism, originally proposed by 
Fenimore (1972), describes the rapid 
formation of prompt-NOx at the flame 
front, possibly through the reaction of 
hydrocarbon fragments with atmos
pheric nitrogen. It is generally accepted 
that the prompt-NOx portion from coal 
accounts for less than 5% of the total 
NOx emissions (Schindler, 1993; 
Grusha and Hart, I 993). 


Figure 3 shows the effect of boiler 
firing types and size on uncontrolled 
NOx emissions from coal-fired boilers 
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Figure 3 Effect of boiler firing types and unit size on uncontrolled NOx emissions from 
coal-fired plants (Rini and Cohen, 1992) 
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at full load. Tangentially-fired boilers 
produce the lowest NOx emissions for 
any size. Wet bottom boilers produce 
much higher NOx emissions than dry 
bottom boilers because of their high com
bustion temperature, resulting in 
increased thermal-NOx formation. Even 
boilers of similar design using the same 
coal can often exhibit different levels of 
NOx emissions (Rini and Cohen. 1992). 
In many countries, NOx emission limits 
are now less than the uncontrolled emis
sions from tangentially-fired boilers. 


A number of NOx control technolo
gies have been developed since the 
1960s. Available measures to control 
NOx emissions from a coal-fired power 
station are largely classified into the 
following two categories: 


• combustion modifications (pri
mary measures); 


• flue gas treatment. 
This chapter reviews the current 


costs of combustion modifications and 
flue gas treatment processes, factors 
affecting the costs and advanced de
signs to reduce the costs. The optimum 
NOx control technology for a coal-fired 
power station would be selected by a 
site-specific analysis, mainly taking 
account ofNOx reduction requirements, 
NOx control technology options, and 
the cost-effectiveness. 


3.1 Combustion 
modifications 


Combustion modifications have 
been developed through understanding 
NOx formation and reduction mecha
nisms. Combustion modifications for a 
coal-fired power station include the 
following five technologies: 


• operational optimisation (low 
excess air); 


• air staging/two-stage combus
tion (over fire air); 


• low NOx burner, 
• fuel staging (rebuming with another 


fuel. for example natural gas); 
• flue gas recirculation. 
Combustion modifications are widely 


used for 20-70% of NOx reduction and 
are reponed to be cost-effective for both 
existing and new plants. Figure 4 illus
trates NOx control options including com 
bustion modifications and post-combus
tion technology for coal-fired boilers. 
Table 5 shows the NO:ll reduction effi
ciencies achieved by combustion 
modifications (Ando, 1990). The NOx re
du~ti?n effi~iency ~ch ieved by retrofitting 
ex1stmg boilers with combustion modifi
cations is generally found to be lower than 
that in new plant due to site-specific limi
tation.~ (Weiler and Ellison, 1990). 


111e first stage to reduce NOx emis
sions is to optimise operating 
conditions. Low excess air operation is 
the technique of reducing oxygen con
centration to the minimum amount 
needed for complete combustion. This 
is effective in controlling fuel-NOx for
m at ion and to a lesser extent 
them1al-NOx. The method is also used 
on oil- and gas-fired plants but is not 
found to be as effective for coal-fired 
boilers (Kitto, 1994). According to 
Kaplan ( 1993 ), low excess air operation 
is applicable to all types of boiler and 
may reduce NOx emissions by 15-25% 
in some plants with minimum cost. 
Application of this technology needs 
more careful control of oxygen concen
trations because carbon burnout is 
decreased if the excess air is too low. 
Low excess air operation is suitable for 


1000°c 


introduction in many countries where 
the economiser oxygen concentration is 
not monitored and boilers are operated 
at high excess air. This practise prevents 
incomplete combustion, but results in 
higher NOx emissions. Low excess air 
can reduce not only NOx emissions but 
also S03 emissions which can cause 
fouling and corrosion on the air pre
heater and particulate control device 
(Ando, 1990). 


Air staging is also referred to as 
two-stage combustion. Over fire air is a 
fom1 of air staging. Coal is fired under 
near or below stoichiometric levels of 
oxygen (fuel-rich conditions) to create 
reducing conditions in the high tem
perature combustion zone. This reduces 
availability of oxygen in the combus
tion zone and is effective for fuel-NOx 
control. Then, secondary air (15-25% 
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Figure 4 Principles of N01 control technology 


Table 5 NOx reduction by combustion modifications in coal-fired boilers (Ando, 1990) 


Measures NO, emissions, NO, reduction, % 
pprnv (6%, 0i) 


Base 550-800 -
Low excess air 45~50 15-20 
Low excess air+ over fire air 300-500 35-45 
Low excess air+ flue gas recirculation 350-550 30-35 
Low e:itcess air+ over fire air+ flue gas rccircularion 200-400 50-60 
Low e:itcess air+ over fire air+ flue gas rccircularion 150-300 60-70 
+ low NO, burner.; 
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of total combustion air) is introduced 
above the top row of burners to com
plete the combustion process at a lower 
temperature. NOx emissions are re
duced by up to about 35%. Over fire air 
is a cost-effective means but is seldom 
used by itself because of its limited NOx 
reduction and because it may accelerate 
water-wall corrosion and increase slag
ging and fouling with some coals 
(Castalditi and others, 1993). 


Low NOx burners generally in com
bination with over fire air are the most 
common option selected to reduce NOx 
emissions by 30-60%. Low NOx burn
ers employ air staging within the flame. 
The purpose of air staging is to delay the 
mixing of coal and air in the burner 
zone, rather than in the furnace as in 
over fire air. In the low NOx burner, part 
of the flame is at fuel-rich conditions. 
The excess hydrocarbon, hydro
gen/oxygen and nitrogen containing 
radicals interact to prevent NOx forma
tion. Thermal-NOx formation is 
minimised because the peak flame tem
perature of the low NOx burner is lower 
than in conventional burners (Kcxla and 
others, 1993; Bartok and Staudt, 1993). 
Several advanced low NOx burners 
have been developed to increase NOx 
reduction and to decrease unburnt carb
on in the fly ash, leading to improved 
cost effectiveness of NOx control (see 
Hjalmarsson and Soud, 1990; IEA Coal 
Research. l 994d). 


Fuel staging by reburning with coal, 
oil or natural gas is an attractive NOx 
control technology applicable to all 
types of boilers. The method has a NOx 
reduction potential ranging from 40% to 
70%. This technology is now commer
cial for coal-fired power stations, 
mainly in the USA. Two demonstration 
projects of natural gas reburning under 
US DOE have been implemented for 
different types of boilers. They are the 
80 MWe Hennepin (unit 1) tangen
tially-fired plant, the 40 MWe Lakeside 
(unit 7) cyclone-fired plant and the 
172 MWe Cherokee (unit 3) wall-fired 
plant. Initial tests in the Lakeside plant 
and the Cherokee plant showed NOx 
reductions of 60% and 72%, respec
tively (DOE and EER, 1993). Natural 
gas rcburning is expected to be a prom
ising NOx control technology, 
especially for wet bottom boilers (typi
cally, cyclone fired-boilers). Low NOx 
burners are not readily used on these 
boilers because the low furnace-gas 
temperature would be expected to alter 
the molten condition of the slag and thus 
hinder drainage of ash from the bottom 
of the boiler. In rcburning, typically 
15-20% of the total heat input required 


by the boiler 1s displaced by the reburn 
fuel. About 80-85% of coal on a total 
heat input basis is burnt in the main 
combustion zone, followed by the 
staged introduction of 15-20% rcburn 
fuel at a higher elevation in the boiler. 
This creates a fuel-rich zone at the re
burn fuel injection point (rebum zone). 
The hydrocarbon radicals from com
bustion of the reburn fuel reduce NOx 
to N1. Additional air (over fire air) is 
introduced through air ports above the 
reburn zone to complete combustion at 
a lower temperature. This lower com
bustion temperature can limit further 
thermal-NOx formation (Bartok and 
Staudt, 1993; Castaldini and others, 
1993). 


It is interesting that natural gas re
burning works more effectively in NOx 
reduction than natural gas co-firing with 
coal where the natural gas is injected 
near or concurrently with the main coal 
fuel. The NOx reduction of natural gas 
co-firing is lower (25-30%) than that of 
reburning (40-60%) with the same ratio 
of displacing coal by I 5-20% with 
natural gas (Breen and others, I 990). 
The NOx is not decreased at all without 
properly designed co-firing (Lewis and 
others, 1993). The advantage of natural 
gas co-firing is the small mcxlification 
to the boiler, especially where natural 
gas is already used as a start-up, stabili
sation or auxiliary fuel. On the other 
hand, natural gas reburning requires in
stallation of the natural gas injection 
burner, additional air ports in the 
furnace, a main natural gas supply line 
and various controls. These modifica
tions result in high capital costs, 
compared with co-firing. Natural gas 
reburning and co-firing also reduce S02 
emissions to the extent to which coal is 
displaced by natural gas. 


Flue gas recirculation for NOx con
trol includes recirculation into the 
furnace or into the burner. The resulting 
reduced flame temperature and oxygen 
concentration inhibits thermal-NOx for
mation. Flue gas recirculation into the 
burner is sometimes used with low NOx 
burners. In this case 20-30% of the flue 
gas is usually recirculated subject to the 
operational constraints of flame stabil
ity and impingement. Flue gas 
recirculation is used for NOx control in 
gas- or oil-fired plants rather than for 
coal-fired boilers, but in Japan it is com
bined with other NOx control 
technologies in many coal-fired plants 
for power generation. The NOx reduc
tion efficiency is low ( <.5% in coal-fired 
boilers) according to Mouri (1994). 
This is because the ratioofthermal-NOx 
to total NOx emissions is relatively low 


in coal-fired plants. A removal effi
ciency of 30-50% has been achieved by 
flue gas recirculation with over fire air 
in gas-fired plant where the thermal
NOx is high (Ando, 1990; Bartok and 
Staudt, 1993; Kcxla and others, 1993 ). 


Cost estimates for combustion 
modifications are summarised in 
Table 6. The table includes results from 
many studies which have been con
ducted to compare NOx control costs 
although the data from different authors 
may not directly be compared. For cx
am pl e, the US Environmental 
Protection Agency (EPA)'s Air and En
ergy Environmental Research 
Laboratory (AEERL) has developed the 
Integrated Air Pollution Control Sys
tem (IAPCS) cost mcxlel using the EPRI 
Technical Assessment Guide (T AGTM) 
(Kaplan, 1993). White and Themig 
(1993) presented the approach to iden
tify the lowest total evaluated cost for 
emission compliance for Illinois Power 
in which five coal-fired power stations 
ranging in size from 70 MWe to 
600 MWe are subject to a NOx emission 
limit under the 1990 CAAA. Castaldini 
and others (1993) evaluated reasonably 
available control technology (RACT) 
of NOx for US Northeast States for 
Coordinated Air Use Management 
(NESCAUM). In the NESCAUM re
gion about 200 utility boilers with a 
total capacity of about 36,000 MWe are 
estimated to emit 345,000 t/y (as NOx). 


111e cost of low excess air operation 
and of over fire air are not well docu
mented because they arc usually 
combined with other methods such as 
low NOx burners. Costs of low excess 
air operation could be very low and are 
estimated at $1.4/kWe for capital costs 
and 0.06 mills/kWh for levelised costs 
(Kaplan, 1993 ). The capital costs of 
over fire air are projected to be 
$7-9/kWe for large tangentially-fired 
PC-plant (dry bottom) achieving a NOx 
reduction of 12-25% (see Table 6). 
Smaller boilers have higher capital 
costs of $31-40/kWe because the total 
mcxlification costs for over fire air stag
ing arc similar, independently of boiler 
size (Kaplan, 1993; White and Themig, 
1993). This range of costs cannot nec
essarily be applied to individual plant~ 
because of site-specific considerations 
such as the space available for retrofit. 


The capital costs of low NOx burn
ers may be in the range of $10-30/k W c 
for NOx reductions of30-60%, depend
ing on the boiler size and type (see 
Table 6) (Kaplan, 1993; Castaldini and 
others, 1993; EINDOE, 1994; Laursen 
and others, 1993; Khan, 1993). Laursen 
and others ( 1993) estimated the lowest 
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Table 6 Cost estimates of retrofit combustion modifications for NOx control 


Boiler Boiler NO, Costs Remarks Reference 


reduction, Capital LeveliStd size, type 
MWe % SlkWc mills/kWh Sit of NO, removed 


Low excess air 300 Tangential 15-25 1.4 0.06 63 


Over fire air 300 Tangential 25 7 0.28 439 


600 Tangential 12 9 - -


210 Tangential 12 31 - -
100 Tangential 12 40 - -


Low NO, burners 300 Wall 34 21-32 0.73-1.33 592-1065 


+ over fire air 200 Wall 35-55 40 - 297-451 


200 Tangential 25-30 30 - 462-924 


500 Cell 50 8-12 - -
- Wall 40 >18 - -
- Tangential 41 >16 - -
500 - 40 20 0.5 550 


- Wall - 19-23 - -


Low NO, burners 300 Wall 51 27-39 1.13-1.61 626-889 


200 Wall 40-60 20 - 176-253 


200 Tangential 30-50 24 - 539-715 


600 Tangential 38 II - -
210 Tangential 38 38 - -
100 Tangential 38 36 - -
- Wall 55 <45 - -


- Tangential 45 <24 - -
- Wall - 26-28 - -


Natural gas rebuming 200 Wall 45-60 42 - 781-957 
200 Tangential 40-60 42 - 1210-1760 
200 Cyclone 45-60 42 - 550-737 
600 Tangential 45 22 - -
210 Tangential 45 36 - -
100 Tangential 45 45 - -
300 Wall 60 14 2.67 1246 
300 Wall 60 16 3.9 1822 
300 Wall 60 18 5.13 2396 
500 - 60 30 2.8 280 
500 - 60 30 3 -
500 - 60 30 5 -
500 - 60 30 7 -


Natural gas rebuming 500 - 85 40 3.8 550 
+ selective non-
catalytic reduction 


Natural gas rebuming 500 - 70 50 3.3 270 
+ low NO, burners 


Rebuming using 110 Cyclone 49 67 1.9 110 
pulverised coal 605 Cyclone 53 43 1.3 420 


• coal-natural gas price differential, Sl/MB1u - S1/l.05GJ 


capital costs ($8-12/kWe) for the 
500 MWe cell-fired boiler retrofit. 
According to Kitto ( 1994). the range for 


several low NOx cell burners is 
$7-10/kWe in lhe USA. The lowest 
capital costs occur in large sized-plant 
due to the scale effect. For a moderate 
boiler size (200-300 MWe), the capital 


costs of low NOx burners arc a little 
higher, ranging from $20/kWe to 


30/kWe. The capital costs of low NOx 
burners combined with over fire air can 


increase by $I 0-20/kWe but improve 
NOx reduction by about I 0 percentage 
points. Actual capital costs of low NOx 


burners (HT-NR burner designed by 
Babcock-Hitachi) for two commercial 
plants were $I O/kWe in 1986, and 
$13/kWe in 1987 in Japan (Koda, 
1994). The levelised costs of low NOx 
burners arc sensitive to capital invest


ment. The O&M costs for low NOx 
burners are low, the same as for conven


tional burners because they do not need 


Kaplan, 1993 


Kaplan, 1993 
White and Themig, 1993 
White and Themig, 1993 
White and Themig, 1993 


Kaplan, 1993 
270-41 O Slton Castaldini and others, 199' 
420-840 $/ton Castaldini and others, 199 


Laursen and others, 1993 
Khan, 1993 
Khan, 1993 
Sanyal and others, 1992 
EIA!DOE, 1994 


Kaplan, 1993 
160-230 $/ton Castaldini and others, 199' 
490-650 S/ton Castaldini and others, 199~ 


White and Themig, 1993 
White and Themig, 1993 
White and Themig, 1993 
Khan, 1993 
Khan, 1993 
EIA!DOE, 1994 


710-870 S/ton Castaldini and others, 199' 
I 100-1600 $/ton Castaldini and others, 199 
500-670 S/1on Castaldini and others, 199" 


White and Thcmig, 1993 1 


White and Themig, 1993 
White and Thcmig, 1993 


$1/jl,ffitu* Kaplan, 1993 
Sl.5/MBtu* Kaplan, 1993 
S2JMBtu* Kaplan, 1993 
SI/MB tu* DOE and EER, 1993 
SI/MB tu• Sanyal and others, 1993 
$2/MBtu* Sanyal and others, 1993 
$3/MBtu• Sanyal and others, 1993 
Sl.5/MBtu• Sanyal and others, 1993 


Sl/MBtu• DOE and EER, 1993 


- Yagida, 1994 
- Yagiela, 1994 


additional reagents as in reburning. The 
leveliscd costs for low NOx burners 
combined with over fire air are roughly 


in the range of 1.0-1.5 mills/kWh. TI1e 
main item ofleveliscd costs is therefore 
the fixed charge on the initial capital 
investment. Capital costs of fuel stag
ing/rebuming arc similar to those of low 
NOx burners combined wich over fire 
air, roughly ranging over $30-45/kWe 


depending on the boiler size and type 
(see Table 6) (Castaldini and others, 
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1993; White and Thcmig, 1993; DOE 
and EER, 1993). Depending on the 
rcburn fuel used, the operating costs can 
increase due to the higher cost of the oil 
or natural gas compared to coal. The 
operating costs increase in direct 
proportion to increases in the 
coal-reburn fuel price differential. In the 
study by Kaplan (1993). the lcveliscd 
costs increased by 92% from 
2.67-5.13 mills/kWh with an increase in 
the coaI-rebum fuel price differential by 
100% from $0.95/GJ ($1/MBtu) to 
$1.9/GJ ($2/MBtu). The study conducted 
by DOE and EER (1993) showed that 
costs of natural gas represent 90-95% of 
the total operating costs. 111e levelised 
costs of natural gas reburning range 
roughly from 3-5 mills/kWh depending 
on the coal-gas price differential. boiler 
size and type (see Table 6). 


Another rcburning technology is to 
replace natural gas with pulverised coal 
as a fuel for rcbuming. This reduces the 
lcvelised costs and increases the avail
ability of reburning technology. 111e 
world's first application of reburning 
technology using pulverised coal as the 
reburn fuel has been completed at the 
110 MWe Nelson Dewey cyclone-fired 
boiler. Wisconsin, USA, under the US 
CCT-2. In the reburn zone, 20-35% of 
the coal on a heat input basis is intro
duced sub-stoichiomctrically. The tests 
demonstrated a 55% NOx reduction 
with no increase in unburnt carbon and 
no tendency for slagging or furnace cor
rosion (Newell and others, 1993). The 
economics of coal reburning was pre
sented by Yagiela ( 1994). Although the 
capital costs of coal rebuming were 
higher than those of natural gas rebum
ing, the levelised costs of coal rcburning 
were much lower than those of natural 
gas. 


It is important to recognise potential 
adverse side-effects in combustion 
modifications. For example low NO\ 
burners with over fire air may increase 
unburnt carbon in the fly ash, CO emis
sions, corrosion of water-walls and 
slagging due to localised reducing con
ditions (Bartok and Staudt, 1993 ). At 
least three wall-fired, low NOx burner 
retrofits are reported to result in signifi
cant operational difficulty and reduced 
performance (Castaldini and others, 
I 993 ). The retrofit costs of low NOx 
burner are affected by site-specific fac
tors. In the past, low NOx burners were 
generally larger in diameter than the 
existing burner, necessitating modifica
tion of water-wall tubes, drain piping, 
sootblower piping, and cable routing. 
However, modem low NOx burners are 
designed to fit in existing openings. 


Low NOx burners require a higher 
differential pressure during operation at 
higher loads than pre-retrofit. Forced 
draft fan capacity should be evaluated. 
In addition, CO emissions monitoring is 
desirable to provide an early indication 
of combustion inefficiency. These addi
tional costs and adverse side-effects 
such as increased water-wall corrosion 
and loss on ignition arc not necessarily 
accounted for in the cost estimates 
discussed above. 


White and Thcmig (1993) gave a 
good example of how site-specific con
ditions and boiicr size can affect the cost 
of retrofitting existing plants with low 
NOx burners combined with over fire 
air. Total NOx compliance project cost~ 
using low NOx burners combined with 
over fire air arc estimated to be about 
$6.5 millions for the 600 MWc Baldwin 
plant, about $7.9 millions for the 
210 MWe Hennepin plant, and $3.5 
millions for the JOO MWc Vermilion 
plant. l11c specific capital costs of the 
600 MWc plant arc the lowest 
($11/kWe) due to economy of scale 
while those of the 2 IO MWe Hennepin 
(unit 2) coal-fired power station arc the 
highest ($38/kWe) due to the relatively 
large number of burners. In the 
210 MWc plant, about 65% of the capi
tal costs are associated with the supply 
and installation of low NOx burners 
combined with over fire air. The re
mainder of the capital costs relate to 
control system for low NOx burners 
combined with over fire air and the bal
ance for plant modifications. Other sites 
may require more extensive retrofits at 
greater cost. 


3.2 Flue gas treatment 
Flue gas treatment for NOx reduc


t ion in coal-fired power stations 
includes selective catalytic reduction 
(SCR) and selective non-catalytic re
duction (SNCR), which are used alone 
or in combination with combustion 
modifications. These processes rely on 
the selective chemical reactions be
tween ammonia or urea with NOx. 
reducing NOx into nitrogen and water. 
At high flue gas temperatures 
(900-1200°C), a catalyst is not needed 
for the reaction to take place (SNCR). A 
catalyst is required at lower tempera
tures (300-400°C) (SCR). SNCR 
systems only reduce NO emissions but 
not N02 emissions, unlike SCR. How
ever, in most circumstances, N02 
emissions from a coal-fired boiler ac
count for $5% of the total NOx 
emissions because NO is converted rap
idly to N02 in the atmosphere. 


SCR 


SCR is the most effective NOx con
trol technology but is relatively 
expensive. Its development started in 
the mid- I 960s. Since then, more than 
400 SCR units have commenced com
mercial operation on coal-, oil-. 
gas-fired boilers in many countries. Of 
these 230 units have been installed on 
coal-fired power stations on a total 
capacity of over 65 GWc (IEA Coal 
Research, l 994b). The reliability of op
eration has improved significantly after 
some problems during the initial stage 
of commercialisation. SCR has been 
used mainly in Austria, Germany, and 
Japan where combustion modifications 
are not sufficient to meet the stringent 
NOx emissions limits (generally less 
than I 00 ppmv). More than 120 units 
(30 GWe) have been retrofitted with 
SCR in Germany since the introduction 
of the large furnace ordinance 
(GFAVO) in 1983. SCR has been used 
in 97% of the total capacity of hard 
coal-fired power stations in Germany. 
The rest use SNCR or the activated 
carbon process. Combustion modifica
tions have usually been sufficient to 
meet NOx emission limits on brown 
coal-fired boilers and arc used on 94% 
of the total capacity of 10 GWe. SCR 
and the activated carbon process are 
installed on only 6% of brown coal
fired power stations in Germany 
(Hiittenhofer and others, 1993). In 
Japan, more than 40 SCR units are 
operating on about 11 GWe of coal
fired capacity, most of the coal-fired 
power stations in Japan (Cochran and 
others, 1993 ). 


Interest in SCR has arisen recently 
in the USA as NOx regulations have 
become more stringent in some states. 
The first commercial SCR units for 
coal-fired power stations in the USA arc 
starting on new plants at the 224 MWe 
Carney Point cogeneration plant in 
1994 (Coal Tech International, I 994), 
followed by the 200 MW e Keystone 
cogeneration plant, New Jersey in 1994 
(Khan, 1993). A SCR process is also 
being retrofitted at the Mercer, unit 2 
coal-fired power station in Trenton, 
New Jersey, USA. There is concern as 
to whether SCR experience in Germany 
and Japan is applicable to US utility 
plants. Two major uncertainties remain. 
First, US utility power plants operate 
under more variable loads. Second, the 
concentrations of sulphur, ash, and trace 
clements in US coals differ from those 
ih coals used in Germany and Japan. 
The sulphur content of coals used in 
Germany and Japan arc generally low 







Table 7 Costs of SCR for NOl control 


Boiler Boiler NO, Costs Retrofit Remarks Reference 


size, type reduction, Capital Leveliscd or new 


MWe % SlkWe mills/kWh Sit of NO, 
removedtf 


200 Wall 70-80 148 - 15~1650 Retrofit t 


200 Tangential 70-80 148 - 2310-2640 Retrofit + 
... 


200 Wall 70-80 148 - 2310-2640 Retrofit with CM ' 
200 Tangential 70-80 148 - 2970-3520 Retrofit with CM t 


50-70 New 
... 


250 - 80 - - T 


250 - 80 150-200 - - Retrofit + 
460 Wall 47 70 4.14 - New 5 ppmv NH3 slip with CM , 
460 Wall 47 77 3.12 - New 2 ppmv NH3 slip with CM , 
100 Wall 80 122 6.74 2358 Retrofit 5 year catalyst life § 


300 Wall 80 88 5.15 1803 Retrofit 5 year catalyst life § 


500 Wall 80 80 4.8 1681 Retrofit 5 year catalyst life § 


300 Wall 80 88 5.83 2043 Retrofit 3 year catalyst life § 


300 Wall 80 88 4.86 1701 Retrofit 7 year catalyst life § 


300 Wall 80 89 5.23 1832 Retrofit $17,700/m3 catalyst price § 


300 Wall 80 94 5.64 1977 Retrofit $ l 4, IOO/m3 catalyst price § 


500 Tangential or wall 80 77.7 5.32 3773 New 5 ppmv NH3 slip, with CM .. 
500 Tangential or wall 80 86.9 5.91 4192 New 2 ppmv NH3 slip, with CM •• 
500 Cyclone 80 125.2 8.17 1213 Retrofit 5 ppmv NH3 slip .. 
500 Cyclone 80 140.1 9.08 1350 Retrofit 2 ppmv NH3 slip •• 
500 Tangential or wall 80 105.5 6.54 3035 Retrofit 5 ppmv NH3 slip .. 
500 Tangential or wall 70 96.1 5.88 4681 Retrofit 2 ppmv NH3 slip, with CM .. 
soo• Tangential or wall 80 140.2 6.78 3143 Retrofit 5 ppnw NH3 slip •• 
700 - 80 80 4.5 - - 3 ppmv NH3 slip +t 
700 - 80 65.7 3.7 - - 3 ppmv NH3 slip, with CM tt 


• tail-end, the rest hot-side CM combustion modifications ++ converted from short tons 


t Castaldini and others, 1993 § Kaplan and others, 1993 ... Khan, 1993 • • Robie and others, 1991 + , Cochran and others, 1993 tt Ando, 1991 


(less than 1.2%). High S02 concentra
tions may result in high S03 emissions 
due to oxidation induced by the catalyst. 
Unwanted reactions between S03 and 
ammonia slip from the SCR unit may 
form ammonium bisulphate, a sticky 
substance which can increase the forced 
outage rate (Cochran and others, 1993). 
A SCR catalyst with a low S02 oxida
tion rate has been developed in Japan 
(Mouri, 1994 ). 


SCR can be classified into three 
systems, based on the location of the 
SCR reactor: 


• high dust location - the catalyst 
located at the outlet of the econ
omiser in front of the air 
preheater; 


• low dust location - the catalyst 
located after a hot-side ESP and 
before the air preheater; 


• tail-end location - the catalyst 
located after the particulate con
trol device and FGD system, and 
following a gas-to-gas rehcater. 


The high dust location is the most 
popular option and used at about 65% 
of the capacity worldwide. Low dust 
location requires a hot-side ESP (high 
temperature ESP) to reduce erosion in 


the SCR catalyst. This location has sel
dom been chosen in Germany because 
of the problems and expense of high 
temperature ESP. However, in Japan 
the low dust location is used at about 
25% of the capacity to give greater 
flexibility in use of different types of 
coal in Japan. Tail-end location is used 
in cases where space is restricted. The 
tail-end location is preferred for wet 
bottom boilers where vapour phase ar
senic accumulating in the flue gas due 
to ash recycling can deactivate the SCR 
catalyst. Tail end location requires a 
gas-to-gas reheater with supplementary 
gas- or oil-firing in order to reheat the 
flue gas from the FGD temperature 
(50-60°C) to the SCR reaction tempera
ture (300-400°C). This gas-to-gas 
reheater results in a lower energy con
version efficiency. The tail-end location 
is used at 34% of capacity in Gem1an 
plants (!EA Coal Research, l 994b) but 
is not used in Japan (Mouri, 1994). 


The NOx removal efficiency of an 
SCR system is generally 70--90% at a 
NHJINOx molar ratio of about 0.7-0.9 
in any SCR location, depending on the 
NOx reduction requirements. Some 
plants operate at lower efficiency. for 


t 


example 50%, which is enough to meet 
the emission requirements of the plant. 
The efficiency is detemiined by adjust
ing the catalyst volume (number of 
catalyst layers), minimising the capital 
and operating costs for NOx control. 


Costs of SCR reported by various 
authors arc listed in Table 7. Of these 
evaluations, the results of a detailed sen
sitivity study conducted for EPRI by 
Robie and others ( 1991) are shown in 
Figure 5. Details of actual SCR costs 
from three different types of commer
cial coal-fired power stations in Austria, 
Gem1any and Japan are given in Table 8 
although direct comparison of the costs 
is difficult due to the different start-up 
years and the different currencies in
volved (Rosenberg and Oxley, 1993). 


Capital costs of SCR range from 
$70/kWe to 90/kWc for new plant 
(tangential- or wall-fired plant) and 
$100-150/kWe for existing plant (see 
Table 7). Hence, installing SCR on new 
plant costs much less than a retrofit on 
existing plant. The study conducted by 
Bechtel (Khan, 1993) found that SCR 
requires considerable modifications for 
the majority of coal-fired power sta
tions. This evaluation showed that the 
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a) Capital costs b) Levelised costs 


160 _


1 


~ ::: 11 
~ 
-E 100 


E ] 880 


·~ 80 77.7 
c:r 
& 
~ 60 ·a. 
rn 
u 
(ii 
.§ 40 


20 


0 


140.1 1402 


106.6 


~ 


~ 
~ 
~ 
~ 


10 


908 


• 8.17 
8 


6.76 
654 • 6 591 5.88 


532 :: '" 


•.'• 
.;., '!.' 


4 -:·. 


2 


0 


2.0 2.1 3.0 3.1 


Case 
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Case 
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Cost items: Cost items: 


• contingency 


• facilities, ENG, FEE 


• ID fan, W&WM reheat 


D air heater/GGH 


D structural 


• duct~ork 
D NH 3 storage 


D reactor/catalyst 


D fixed charges 


D variable O&M 


- fixedO&M 


Case 
2.0 new. tangential, 5 ppmv NH3 slip 
2.1 new, tangential, 2 ppmv NH3 slip 
3.0 retrofit, cyclone, 5 ppmv NH3 slip 
3.1 retrofit, cyclone, 2 ppmv NH3 slip 
4.0 retrofit, tangential 
4.1 retrofit, tangential, combustion modifications 
5.0 retrofit, tail end (includes credit for a 10"C steam reheat system) 


Figure 5 A sensitivity study of SCR costs (Robie and others, 1991) 


capital costs of the retrofit SCR case 
($150-200/kWe) were three times more 
than for new plant ($50-70/kWe). The 
incremental costs in retrofitting are 
mainly caused by limited space for the 
SCR reactor and several modifications 
required on existing equipment such as 
the air heater and induced draft fans. 
The difficulty of retrofit varies with the 
power station configuration, SCR sys
tem location, fuel type, ammonia slip 
specified and emission control require
ments. Air heaters downstream of SCR 
can be modified to manage deposits of 
ammonium sulphate and bisulphate 
from high dust and low dust SCR units. 
Several measures may be used for ex
ample, increasing the capacities of the 
sootb\owers and on line water wash as 
well as modifications to the system con
figuration. The existing induced draft 
fans can be upgraded or replaced to 
overcome the additional pressure drop 


due to the SCR reactor (Robie and 
others, 1991 ). The power consumption 
due to the pressure drop in the SCR 
system may reduce the total electrical 
conversion efficiency of the coal-fired 
boiler by 0.2-0.3% according to 
German experience (Salvaderi and 
others, 1992). The effect of tail-end 
SCR location on existing equipment 
may be much less severe than that of 
high or low dust SCR location. 
Although extra equipment must be 
added, modification of the air heater is 
not necessary in the tail-end location. A 
retrofit factor is very site-specific and 
an average value is not available. 


The levelised costs of SCR range 
roughly from 5 mills/kWh to 
6 mills/kWh for new plant and 
5 mills/kWe to 9 mills/kWe for retrofits 
achieving 70-85% NOx reduction, 
depending on the boiler type, catalyst 
life and limit on ammonia slip 


(Kaplan, 1993; Robie and others, 
1991). The levelised costs are 
3. I 2-4.14 mills/kWh for new plant 
with 47% NOx reduction requirements 
because of the lower catalyst volume 
(Cochran and others, 1993). The 
levelised costs are 8.17-9.08 mills/kWh 
for cyclone-fired boilers due to the 
greater quantity of catalyst and ammo
nia required to deal with the high, 
uncontrolled NOx emissions. However, 
the levelised costs of cyclone-fired 
boiler are the lowest in terms of $/t of 
NOx removed for a given NOx removal 
efficiency. Levelised costs in terms 
of mills/kWh may be more practical 
than those in $/t of NOY. removed unless 
there is a market for emissions trading. 


It is interesting to compare the costs 
of high dust and low dust SCR with 
those of tail-end SCR. The greatest fac
tor affecting SCR capital costs is the 
location of the SCR reactor. In the study 







Table 8 Cost comparison of three types of SCR system (Rosenberg and Oxley, 1993) 
The following section outlines the 


factors to reduce SCR costs, especially 
SCR catalyst costs. The factors affect
ing SCR costs are as follows: Power plant 


Syslelll parameter Mellach, Austria 


Construction type Retrofit 
System designer Mitsubishi Heavy 
Type of system High dust 
Type of catalyst Ceramic honeycomb 
Catalyst pitch, mm 7 
Catalyst composition V20sfW03 on Ti~ 
Plant size, MWe 264 
SOi concentration, ppmv 770 
Space velocity, h-1 2,530 
Operating temperature, 0 c 399 
Inlet NO,, ppmv 490 
NHJINO, mole ratio 0.86 
NO, removal, % >80 
NH3 slip, ppmv dl.3 
SOi oxidation, % <0.8 
Catalyst life, h 16,000• 
Start-up date Oct 1986 


Capital cost, SlkWc 103 
Operating cost, mills/kWh 1.7 
Lcvelised cost, mills/kWh 5.4 


• guaranteed value 
t actual value 


by Robie and others (1991), catalyst 
costs constitute the greatest proportion 
of SCR capital costs, representing about 
40-50% of the capital costs in high dust 
and low dust SCR (see Figure 5a). In 
tail-end SCR. the catalyst cost repre
sents about 17% of the capital costs 
while the gas-to-gas reheater used for 
heating-up the flue gas for SCR is the 
most costly item. The levelised costs of 
high dust and low dust SCR 
(6.54 mills/kWh) are expected to be 
similar to those of tail-end SCR 
(6.78 mills/kWh) (see Figure 5b). The 
fixed charges represent about 50% of 
the total levelised costs for the high dust 
and low dust application (see 
Figure 5a). The greatest component of 
the fixed charge is the recovery of capi
tal costs for the reactor and catalyst. The 
variable O&M costs also represent 
about 50% of total levelised costs for 
high dust and low dust SCR. The main 
items of variable O&M costs involve 
SCR catalyst replacement, ammonia 
consumption, ammonia vaporisation 
steam, incremental power consumption 
for induced and forced draft fans and 
ESP, and air preheater efficiency loss. 
The most significant component for vari
able O&M is the cost of catalyst 
replacement. For tail-end SCR, the fixed 
charges represent about 65% of the total 
levelised costs and the natural gas cost 
(for reheating the flue gas) is the most 
significant O&M costs item. The 


Takehara, Japan Karlsruhe, Gennany 


New Retrofit 
Babcock-Hitachi Deutsche Babcock 
Low dust Tail end 
Metal plate Ceramic honeycomb 
10 3 
Proprietary V20s onTi02 
700 75 


500 <70 
2,370 5,170 
371 321 
250 800 
0.82 0.89 
80 88 
I <II 
<0.5 <0.3 
79,000t 24,000* 


Mar 1983 Mar 1989 


23 100 
(.4 1.8 
2.2 5.1 


levelised costs for tail-end SCR include 
a credit of 0.93 mills/kWh. The credit is 
for eliminating the costs for reheating 
the flue gas downstream of the wet 
FGD. The reheat credit will not be 
applicable to sites where flue gas reheat 
is not used on wet FGD systems. Cata
lyst life for tail-end SCR may be longer 
than for high dust and low dust SCR 
because fly ash and S02 are removed 
before the SCR system (Robie and others, 
1991). 


• catalyst quantity; 
• catalyst price; 
• catalyst life; 
• inlet NOx concentrations; 
• NOx removal requirements; 
• ammonia slip requirements; 
• boiler size and type; 
• retrofit difficulty; 
• S02 to S03 conversion rate. 
111e catalyst costs, representing a 


large proportion of the SCR costs, are 
determined by the catalyst price and the 
volume of catalyst required (number of 
layers). The volume of catalyst required 
depends on the N0:11; removal, inlet NOx 
concentrations (boiler types) and am
monia slip requirements. Limiting the 
ammonia slip to a desired low level 
requires additional catalyst volume to 
ensure complete reaction of all the 
ammonia present. 


An effective route to reducing the 
costs of SCR is to lower the volume of 
catalyst required to achieve a specified 
NOx reduction and ammonia slip. This 
can be achieved by first decreasing the 
uncontrolled NOx emissions using 
combustion modifications. Table 9 
shows the effect of inlet NOx concentra
tion on SCR costs for a 700 MWc 
coal-fired power station in Japan 
(Ando, 1990). An inlet NOx concentra
tion of 250 ppmv is achieved by 
combustion modifications. Ammonia 
slip is 3 ppmv. Lower inlet NOx 
concentrations are calculated to save 
$14.3/kWe in capital costs and 
0.8 mills/kWh in levelised costs. In the 


Table 9 Effect of inlet N01 concentration on SCR costs (Ando, 1990) 


Inlet NO, concentration, ppmv 


400 250 


Capital costs, $ million 
Catalyst 36 27 
Others 20 19 


Total 56 46 
Specific capital costs, SlkWe 80 66 


O&M costs,$ million 
Catalyst replacement 7.20 6.90 
Power consumption 1.13 1.03 
Anunonia 2.20 1.34 
Others 1.20 1.10 


Total 11.7 10.4 


Fixed charge on capital, S million 7.80 6.90 
Total levelised costs, S million 19.2 15.8 
Total levelised cosls, mills/kWh 4.5 3.7 


assumes a catalyst price of S30,000Jm3; catalyst life of 5 y; power consumption 0.2% of boiler 
output 
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study by Robie and others ( 1991 ), com
bustion control to reduce the SCR NOx 
reduction requirement from 80-70% re
sults in a reduction of the SCR capital 
costs by $9.4/kWe and the leve\ised 
costs by 0.66 mills/kWh. The overall 
benefit of combining SCR with com
bustion modifications on the total costs 
of NOx control can be judged after tak
ing account of site-specific conditions. 
Most power stations in Japan have com
bined SCR with combustion 
modifications because of the favourable 
economics (Ando. 1990). According to 
Kitto ( 1994), the market price of 
catalysts ranges from $ l 6.000/m3 to 


20,000/m3. 
Since 1985. the costs of catalysts in 


Europe have decreased by a factor of 
about 2.5. primarily due to competition 
among suppliers. A reduction in the 
price of catalyst from $23,300-
15,900/m3 (32% reduction) is estimated 
to reduce the levelised costs by 15% for 
high dust and low dust SCR (Robie and 
others, 1991 ). In a study by Kaplan 
( 1993 ), a reduction in the price of cata
lyst from $17,700-14,100/m3 (20% 
reduction) is estimated to decrease the 
levelised costs from 5.64-
5.23 mills/kWh (7%) (see Table 7). The 
market price of SCR catalyst ranged 
from $14,000/m3 to $ l 6,000/m3 in 
Europe (Robie and others, 1991 ). The 
actual price would be determined by 
negotiation between users and 
suppliers. 


Catalyst life has a great effect on the 
economics of SCR. Deactivation can 
result from fouling, mechanical failure, 
plugging, poisoning, and thermal 
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degradation of the catalyst over time. As 
the catalyst becomes less reactive, the 
quantity of ammonia for constant NOx 
removal increases, resulting in an in
crease in ammonia slip. When the 
ammonia slip exceeds the limits set, for 
example 5 ppmv, the catalyst is re
placed (Behrens and others, 1991 ). 
Catalyst life is generally guaranteed for 
two years for initial catalyst charges 
with a limit of ammonia slip of 5 ppmv 
in Europe and Japan. The catalyst life 
for tail-end SCR is longer than that for 
high dust and low dust SCR because the. 
flue gas is cleaned before entering the 
SCR unit. Weiler (1994) expects to 
achieve over 5 years for tail-end SCR 
compared with over 3 years for high 
dust SCR, both with ammonia slip 
limited to 1-1.5 mg/m3 for ash reuse. In 
a sensitivity study by Robie and others 
(1991 ), an increase in catalyst life from 
2-4 years could reduce the levelised 
costs by 30% for high dust and low dust 
SCR. Kaplan (1993) estimated that an 
increase in catalyst life from 3-7 years 
resulted in a reduction in levelised costs 
from 5.83-4.86 mills/kWh, about 20%. 


Sophisticated management by par
tially replacing the catalyst can lengthen 
catalyst 1 ife to the range of 3 to 11 years 
for a coal-fired power station. Figure 6 
illustrates a typical catalyst manage
ment programme. Initially, the totally 
new catalyst charge is capable of meet
ing the design performance objective. 
This initial catalyst charge deactivates 
fairly uniformly. It is preferable to add 
a new catalyst layer, rather than fully 
replace the catalyst while the activity 
levels of the initial catalyst charge is 


3 4 5 


SCR catalyst operating years 


Figure 6 Management of SCR catalyst replacement (UNIPEOE, 1992a) 


still relatively high (50-70%). This re
sults in more complete use of the 
remaining catalyst activity. For exam
ple, if a three layer catalyst charge 
(initial charge) is supplemented with a 
fourth layer (new layer), after 2 or 
3 years it is expected that the average 
replacement frequency of the overall 
catalyst (three layer) would be 6 to 11 
years, depending on specific deactiva
tion rates. The catalyst management 
programme substantially lowers life 
cycle costs for an SCR system (Cochran 
and others, 1993 ). 


Ammonia slip requirements also af
fect SCR costs. Ammonia slip is an 
adverse side-effect of SCR and is gen
erally controlled below 5 ppmv to 
prevent formation of ammonium bisul
phate. From recent German experience. 
ammonia slip greater than 2 ppmv 
would result in noticeable odour in the 
fly ash and may result in rejection by the 
cement industry. Decreasing the 
ammonia slip from 5-2 ppmv increases 
the costs of SCR due to the larger 
amount of catalyst required. Robie and 
others (1991) estimate that a decrease in 
ammonia slip from 5-2 ppmv results in 
an increase in the capital costs by about 
12% and in levelised costs by about 
11 %. In the study by Cochran and others 
( 1993 ), a decrease in ammonia slip from 
5-2 ppmv increases the capital costs by 
10%. For many power stations this 
would decrease the levelised costs from 
4.14-3.12 mills/kWh (by 25%) because 
5 ppmv ammonia slip is estimated to 
Jose half of the sale of fly ash and to add 
the costs of fly ash disposal. 


An advanced design of SCR or 'the 
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DeNOx air preheater' was recently 
demonstrated by the Rothemiihle and 
the Siemens companies in Germany. 
The SCR catalyst was installed in the 
two existing air preheaters in the 
200 MWe Buggenum coal-fired power 
station in the Netherlands. This has 
achieved a NOx reduction efficiency of 
30-50% with an ammonia slip of 
5 ppmv with capital costs of $30-
35fkWe. This DcNOx air prehcater has 
the advantage of not requiring addi
tional space and a separate casing to 
accommodate the catalytic reactor. This 
system has been developed for plants 
with retrofit difficulties for SCR. At 
present, more research is needed to im
prove the NOx reduction efficiency and 
to reduce ammonia slip (Hiittenhofcr 
and others, 1993). In addition, N20 
emissions should be monitored because 
an increase in N20 emissions from SCR 
at higher temperature ( 400-550°C) was 
pointed out by De Soete (1993) and 
Yokoyama (1993). 


SNCR 


The SNCR process is commercially 
implemented and in continuing opera
tion on more than 50 units. Most of 
these units are small industrial boilers, 
mainly using oil or waste, and FBC 
plants. Application to large-scale coal
fired power stations is limited although 
a number of demonstration projects 
have been conducted. Four large coal -
fired power stations in Europe have 
been equipped with SNCR. A feature of 
SNCR is that the NOx removal effi
ciency is unit-specific. ranging from 
30% to 50%. This is because the per
formance is sensitive to mixing 
conditions of the reagent (ammonia or 
urea) and flue gas, temperature, resi
dence time and the uncontrolled NOx 
concentration. It is not easy to maintain 


Table 10 Costs of SNCR for NOx control 


Boiler Boiler NO, Costs 
size, type reduction, Capital 
MWe % "We 


300 Wall 50 10 
500 Wall 50 8 
100 Wall 50 18 
300 Wall 50 II 


200 Wall 30 - 50 18 
200 Tangential 30 - 50 18 
200 Wall 25 - 40 18 
200 Tangential 25 - 40 18 
460 Wall 47 28 


• converted from short tons 


the NOx reduction over the whole range 
of boiler load. 111e successful applica
tion of SNCR depends to a high degree 
on specific boiler conditions. This 
means that detailed investigations are 
needed in order to determine whether 
SNCR can be successful (UNIPEDE. 
I 992b). Ammonia slip is much higher 
(I 0-30 ppmv) in SNCR than that in 
SCR (less than 5 ppmv). Because of the 
low NOx reduction and the low reliabil
ity of operation, SNCR is seldom used 
for coal-fired power stations. Recently, 
SNCR has been used for several large
scale coal-fired FBC to meet stringent 
NOx emission limits. This is because a 
higher NOx reduction efficiency is 
achieved in FBC (60-80%) by SNCR 
due to the longer residence time and 
uniform temperature distribution in 
FBC. Since by-products from FBC are 
generally disposed of, more ammonia 
slip may be acceptable for FBC than a 
pulverised fuel boiler. 


Both the capital and levcliscd costs 
of SNCR are generally lower than those 
of SCR. Table I 0 lists costs of SNCR. 
The capital costs of SNCR from many 
studies arc low, ranging roughly from 
$1 O/kWe to $25/kWe, considerably 
lower than those of SCR and rather 
lower than most combustion modifica
tions (Castaldini and others, 1993; 
Cochran and others, I 993; Kaplan, 
I 993 ). The range of capital costs is pri
marily a function of the boiler size and 
the complexity of the injection system 
required. In the study by Kaplan ( 1993), 
the capital costs are expected to 
decrease from $18-8/kWc with an 
increase in boiler size from 
I 00-500 MWc due to the scale effect in 
large-sized plant. However, there arc 
still several technical risks such as un
certainty in maintaining NOx removal 
performance. This may be handled by 
using conservative design measures in 


Remarks 
Lcvclised 
mills/kWh $/tofNO, 


removed• 


1.65 926 urea @ S300/t 
1.57 879 @SJOO/t 
2.03 1137 @ $300/t 
2.4t 1352 @ $445/t 


- 649 - 968 
- 693 - 1045 


selecting the number of reagent injec
tion points. Such conservatism wil I 
necessarily result in additional costs 
(Khan, 1993 ). 


The lcvelised costs range roughly 
from 2 mills/kWh to 4 mills/kWh (see 
Table I 0). The initial investment for 
SNCR is low due 10 the simple configu
ration while the annual operating costs 
arc high. SNCR is sensitive to O&M 
costs, particularly the price of urea/am
monia due to the high urea/ammonia 
consumption at a urca/ammonia:NOx 
molar ratio of about 2-3 for a 30-50% 
NOx reduction. 111e major operating 
costs for SNCR are incurred by reagent 
consumption, power consumption of 
the SNCR system. and the costs of in
cremental power requirements of the 
induced draft fan to compensate for the 
increased pressure drop. 111is occurs 
mainly due to plugging at the air pre
hcater. 


Compared with the costs of SCR, 
both capital and level ised costs of 
SNCR are generally recognised to be 
lower than those of SCR. However, any 
evaluation needs to take account of the 
technical risk associated with SNCR. 
Ammonia slip is much higher in SNCR 
than in SCR for a given NOx reduction 
and has to be kept low to avoid loss of 
tly ash sales. The ammonia slip can also 
cause plugging problems at the air pre
heater leading to an increase in the 
forced outage rate with loss of electric
ity sales. These additional costs would 
increase the levelised costs of SNCR. 


The levelised costs of SNCR com
pared with SCR for a 460 MWe 
coal-fired power station shown in 
Table 11 are from the study by Cochran 
and others (1993). This estimate as
sumes a catalyst life of 7 years, NOx 
reduction of 47% and power consump
tion of0.48% for SNCR and 0.45% for 
SCR. Catalyst costs are included in the 


Reference 


Kaplan and others, 1993 
Kaplan and others, 1993 
Kaplan and others, 1993 
Kaplan and others, 1993 


Castaldini and others, 1993 
Castaldini and others, 1993 


- 836 - 1430 with combustion modifications Castaldini and others, 1993 
- 869 - 1760 with combustion modifications Castaldini and others, 1993 
4.4 - including loss of fly ash sale Cochran and others, 1993 
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Table 11 A breakdown of the levelised costs of SNCR and SCR (Cochran and others, 1993) 


1997 total capital COSIS, £)()()() 


1997 total leveliscd cos!S, $/kWh 
Fixed charge on capital, $1000/y 


1997 O&M COSIS, SI 000/y 
Power consumption 
Maintenance 
Rcagcntconsufllplion 
loss of fly ash sale 
Fly ash landfill 
Forced outage rate increase 


Total 


1997 total levelised coos, $1000/y 


1997 total levelised c~ts, mills/kWh 


maintenance costs. A 2 ppmv ammonia 
slip is assumed for the SCR. A higher 
ammonia slip (10-30 ppmv) in SNCR 
loses the annual sale of fly ash 
($2, I 00,000) and adds fly ash landfill 
costs ($600,000/y). A high ammonia 
slip which can cause plugging problems 
on the air heater, results in an increase 
in forced outage cost to ($4,400,000/y). 
The forced outage rate is assumed to be 
5% of operating hours for SNCR and 
1.25% for SCR in this study. Kaplan 
(1993) estimated lower levelised costs 
(1.57-2.41 mills/kWh), but did not in
clude the increased forced outage rate 
and loss of fly ash sales due to ammonia 
slip. It is difficult to predict how much 
forced outage rate should be included in 
the costs of SNCR. 


The study by Cochran and others 
(1993) also shows that the levelised 
costs ofSCR (3.5 mills/kWh) are rather 
lower than those of SNCR 
( 4.4 mills/kWh) in the case of low NOx 
reduction requirements (49%). 
Campobenedetto and others ( 1993) also 
concluded that the Jevelised costs of 
SCR were less than those of SNCR for 
50% of NOx reduction. 


Another important difference 
between SNCR and SCR from an envi
ronmental point of view is that SNCR. 
especially using urea as the reagent, 
leads to increased N10 emissions 
(0.5-2 ppmv to 2-15 ppmv), depending 
on the reagent injection point or tem
perature profile in the boiler although 
this effect is still not completely quanti
fied. N10 is recognised to have a role in 
ozone depletion in the stratosphere and 
is a potent greenhouse gas. It is not clear 
whether use of ammonia or urea in 
SNC::R for commercial coal-fired power 
statwns offers ~ny benefits with respect 
to NiO formation. Both ammonia and 


SNCR SCR 


12,820 35,390 
27.9 76.9 
1,010 2,800 


1,180 1,090 
380 3,610 


2,000 520 
2,010 0 


600 0 
4,400 1,100 


10,570 6,320 


11,580 9,120 


4.4 3.5 


urea arc being investigated to determine 
any effect on NiO emissions in labora
tory-scale tests. SCR does not affect or 
may slightly reduce N10 emissions un
der the normal operating temperature 
range of 300-400°C although it in
creases NiO emissions at higher 
temperatures ( 400-550°C) (Takeshita 
and others, 1993). IfN20 emissions are 
regulated, additional costs will be 
needed to reduce the emissions. No cost 
evaluation of N10 reduction measures 
have been published. 


A combination of SNCR with SCR 
can reduce both ammonia slip and cata
lyst volume. A reagent is injected as far 
as possible into the outlet of the boiler 
in order 10 maximise the SNCR effect 
and the resulting ammonia slip is 
neutralised by the SCR unit. This con
cept has been used on the 135 MWe 
Viirtan pressurised fluidised bed plant 
in Sweden (Dahl, 1993) and is currently 
being demonstrated at the PSE&G 
Mercer plant in the USA (Castaldini, 
1994). The operating costs associated 
with reagent consumption and power 
consumption must be evaluated against 
any savings in capital costs. This 
concept may offer attractive economic 
advantages in some cases, for example, 
where existing SNCR must comply 
with more stringent NOx emission 
limils. 








From:
To:
Date:
Subject:


KUSHA SOM
marco, R5CHG. in. "bsheets(gdem. state. in. us", R5CHG. i. . .
04/05/99 (Mon) 6: 28pm
Steel Dynamics, Inc. (CP-183-10097)


Hi Marco,


These are some informal comments:


1) In the TSD, each EAF is only to be operated one at a time. Is there only
one set of electrodes?


2) There are several facilities which have CEMs on their EAF stack. Is there a
critical reason why SDI decided to not have one? Since this is a very
contentious permit, we may want to discuss the addition of a CEM.


3) If the continuous caster emits through the EAF stack, höw will you
determine compliance with either unit during stack testing?


4) For the slag processing and handling area, how do you monitor and record
keep "water suppression and minimizing drop heights"? Is there a minimum
amount of times that dust suppression should be used? How periodic is this?
These slag handling areas are huge emitters. Are there any fugitive
emissions/calculations from lead and/or hazardous air pollutants?


5) Why is there no modeling for lead specifically? This is a large Pb source
and there seems to be no post control limits for this. pollutant, despite being
a criteria pollutant. Also, there are two schools in the immediate area of the
source, and lead has the most risk toward this sector of the population.


6) Since the arc dust is considered a K061 Hazardous Waste, baghouse
malfunctions are a major concern. To show compliance of the dust emissions,
one simple scenario could be to keep on record the power going to the baghouse
fan as compared to the steel produced. Also, as a corollary, record keeping/
reporting of arc dust storage and shipment to the hazardous waste landfill.


7) Many sources around the country conduct speciated monitoring of HAPs such
as Beryllium, Argon and Mercury etc. from their EAF stack. Since the immediate
area surrounding the proposed plant will have many susceptible children, a
discussion might be warranted.


8) Are the emissions from the Ladle Metallurgy Station (LMS) going through the
same stack as the EAF and continuous caster? If so, how do you show
compliance?


9) I believe some of the citizens stated that the Ozone offsets are contingent
upon whether Whitley County is redesignated as non-attainment for the 8-hour
standard. If the NOx SIP call goes through and makes the county attainment,
will these credits still be required?


10) What is the mVA capacity of the transformer?


11) Will the facility use a hot heel?







12) For their "foamy slag" process, what is the additive they will use?


13) Is this a bottom tapping shell?


14) Because of the high carbon content of the Direct Reduced Iron (DRI) , there
will be more CO emissions. How will SDI counteract these higher emissions?
will the stack testing take place at the same time of the charging of the DRI?
We will discuss a possible requirement to stack test at a later time_


15) What are the levels of carbon content within the ORI? We would like to
discuss the possible limitations and/or record keeping of the carbon content
of the DRI from the SOL Butler facility.


16) On page 3 of 30 of the TSD, you stated that the IPSCO Steel in Muscatine
County, Iowa had not conducted a stack test. According to the stack test
records, a stack test was performed on November 17 -20, 1998 that showed
compliance at 0.908 lb/ton of CO. Many vendors I spoke to told me that post
combustion technology is technically feasible for EAF iS.


17) On page 8 of 30, you stated that NUCOR Steel in Blythville, AR is
complying with the 0.09 lb/ton. The reason for this, as you explain, is that
it uses high grade scrap. One aspect of the proposed SOl process, which was
not explained, was that the ORI will have no paint what-sa-ever. The ORI will
have much lower emitting VOC rates for this reason. We will discuss.


18) You explain in page 9 of 30, that Beta Steel is having problems with their
SCR system on their reheat furnace. While this is true that compliance
problems do exist, the reasoning for why SCR would not be feasible for the SOl
facility is not adequate. We spoke to the Beta Steel catalyst contractor, Doug
Hennigen, who is an SCR expert. He stated that the specifications of the
furnace given to him were not accurate. These inaccurate calculations threw
off the SCR design and would account for the problems Beta is currently
dealing with. He states that SCR is certainly technically feasible with the
continuous nature, and size, of the SDI process.


20) On page 12 of 30, you stated that the proposed SOl process will need a
0.35 lb/ton limit for NOx. On 04/17-18/1997, a stack test was performed on the
Butler facility which showed a 0.039 lb/ton reading. Along with their own
facility, many other facilities are showing stack test results which are
appreciably lower than the 0.35 lb/ton limit on this permit.


21) On page 13 and 14 of 30, Wet Scrubbers, SOA and Dry Sorbent Injection,
downstream of the baghouse, would be technically feasible. Why isn't there a
economic analysis, e.g what is the $/ton of each unit in this situation and
why is it economically infeasible?


22) We believe a calculation of why the limit 0.25 lb/ton is necessary for the
proposed SDI facility, while NUCOR and Roanoke have 0.15 and 0.167 lb/ton
limits respectively. In other words, multiply their sulfur content with their
throughput and compare with the SOl facility.


23) EAF's have one sure fire control device, and that is the baghouse. IPSCO
Steel in Iowa conducted a stack test and complied with their 0.0008 gr/dscf
limit on November 17-20, 1998. I also checked with many vendors and many







specialty makers guarantee a limit of 0.0008 gr/dscf. Also, Norstar Steel in
Delta, Ohio had a stack test of 0.00029 gr/dscf. Also, you make no mention of
condensible emissions as far as a limit (Method 202). We had discussed that in
previous E-mail' s.


24) As stated in #18 above, SCR is technically feasible in the Beta Steel
example. According to the economic analysis, there is no $ amount by which one
technology would be considered economically infeasible and another would be
feasible. We have permitted many controls for various units that have exceeded


$7S00/ton of pollutant removed. We need to discuss.


2S) On page 28 of 30, you stated that the slag dumping operation would create
2.17 tons per year of PM emissions. How did you calculate this?


These are all the questions I have for now.


Thank you,


Kushal


cc: RSCHG. in. "candor(gkconline. com", RSCHG. in. "cgkille(g. . .
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Report Date: 05/05/2010            Control Technology Determinations (Freeform) 


Facility Information: LION OIL COMPANY 


RBLC ID: AR-0100


+Corporate/Company


Name: LION OIL COMPANY


+Facility Name: LION OIL COMPANY


Facility County: UNION


Facility State: AR


Facility ZIP Code: 71730


Facility Country: USA


Facility Contact Name: CHUCK HAMMOCK


Facility Contact Phone: 8708641289


Facility Contact Email: CHUCK.HAMMOCK@LIONOIL.COM


EPA Region: 6


Agency Code: AR001


Agency Name: ARKANSAS DEPT OF ENVIRONMENTAL QUALITY


Agency Contact: MR. TOM RHEAUME 


Agency Phone: (501)682-0762 


Agency Email: rheaume@adeq.state.ar.us 


Other Agency Contact


Info:


+Permit Number: 868-AOP-R5


+SIC Code: 2911


NAICS Code: 115310


Facility Registry System


Number: 110017419667


Application Accepted


Received Date: 02/26/2007 ACT


Permit Issuance Date: 10/01/2007 ACT


Date determination


entered in RBLC: 01/23/2009


Date determination last


updated: 04/09/2010


Permit Type: A: New/Greenfield Facility 


Permit URL:


Facility Description: PETROLEUM REFINING


Permit Notes:


   


Affected Boundaries: LION OIL COMPANY 


+Boundary (Class 1


Previous Page







+Boundary (Class 1


Area or US Border


Name): Caney Creek


Boundary Type (Class 1


or Intl Border): CLASS1


Distance: Between 100km and 250km 


Class 1 Area State: AR


   


Facility-wide Emissions: LION OIL COMPANY 


+Pollutant Name: Carbon Monoxide


Facility-wide Emissions


Increase: 1450.7000 (Tons/Year)


+Pollutant Name: Nitrogen Oxides (NOx)


Facility-wide Emissions


Increase: 635.3000 (Tons/Year)


+Pollutant Name: Particulate Matter (PM)


Facility-wide Emissions


Increase: 304.4000 (Tons/Year)


+Pollutant Name: Sulfur Oxides (SOx)


Facility-wide Emissions


Increase: 544.7000 (Tons/Year)


+Pollutant Name: Volatile Organic Compounds (VOC)


Facility-wide Emissions


Increase: 9510.3000 (Tons/Year)


Process Information: LION OIL COMPANY 


+Process Name: NEW NO. 4 VACUUM FURNACE, SN-805N


+Process Type: 50.005


Primary Fuel: NATURAL OR NSPS SUBPART J QUALITY GAS


Throughput: 142.20


Throughput Unit: MMBTU/H


Process Notes: SN-805N IS A 142.2 MMBTU/HR (ANNUAL) SOURCE. THE


FURNACE WILL BE FUELED BY NSPS SUBPART J QUALITY


GAS. AS A RESULT OF THE REFINERY EXPANSION PERMIT


REVISION, THIS SOURCE HAS UNDERGONE PSD REVIEW FOR


PM10, NOX, AND CO. BACT FOR THIS SOURCE IS GOOD


COMBUSTION PRACTICE AND NEXT GENERATION ULTRA LOW


NOX BURNERS. 


   


Pollutant Information: LION OIL COMPANY - NEW NO. 4 VACUUM FURNACE, SN-805N 


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 







+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: NEXT GENERATION ULTRA LOW NOX BURNERS


Emission Limit 1: 0.0350


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HR AVERAGE


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: OPERATING PERMIT , SIP 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: Y


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 14,111 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2007


Pollutants/Compliance


Notes: SCR


   


+Pollutant Name Particulate Matter (PM)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: GOOD COMBUSTION PRACTICE


Emission Limit 1: 0.0075


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HR AVERAGE







Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: SIP , OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: N


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: GOOD COMBUSTION PRACTICE


Emission Limit 1: 0.0400


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HR AVERAGE


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.







Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: SIP , OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 11,626 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2007


Pollutants/Compliance


Notes: CATALYTIC INCINERATION


   


Process Information: LION OIL COMPANY 


+Process Name: #7 FCCU CATALYST REGENERATOR, SN-809


+Process Type: 50.003


Primary Fuel:


Throughput: 9.34


Throughput Unit: MMBBL CHARGE STOCK


Process Notes: NO NEW EMISSIONS SOURCES ARE INCLUDED IN THE SCOPE







Process Notes: NO NEW EMISSIONS SOURCES ARE INCLUDED IN THE SCOPE


OF THE PROJECT FOR THE FCCU EXPANSION. HOWEVER,


EMISSIONS INCREASES WILL RESULT FROM THE INCREASED


THROUGHPUT. SN-809 IS THE EXHAUST STACK FROM THE


CATALYST REGENERATOR. HOT FLUE GAS LEAVING THE


REGENERATOR PASSES THROUGH 3 SETS OF CYCLONES TO


REMOVE CATALYST FINES & THEN IS USED TO PRODUCE


STEAM IN THE WASTE HEAT BOILER BEFORE EXITING THE


STACK. THIS SOURCE INSTALLED IN 1973. PREVIOUSLY


PERMITTED SOURCE, SN-848, THE VENT SYSTEM FOR 2


STORAGE BINS USED TO STORE CATALYST IN THE CATALYTIC


CRACKING PROCESS, HAS BEEN ROUTED TO THE WET GAS


SCRUBBER OF THE #7 FCCU UNIT. THE #7 FCCU WAS MODIFIED


IN 2004 TO INSTALL WET GAS SCRUBBER FOR THE CONTROL


OF PM10 & SO2 EMISSIONS. SIMULTANEOUS WITH THE


INSTALLATION OF THE SCRUBBER, THE FACILITY THIS UNIT


IS DESIGNED TO CONVERT APPROX 20,000 BPD OF GAS OIL


FROM THE REFINERY CRUDE UNITS & OTHER SOURCES INTO


MORE USEFUL PRODUCTS. GAS OIL ENTERING THE UNIT IS


FIRST HEATED TO 675°F IN THE #7 FCCU FURNACE (SN-808)


WHICH IS FIRED WITH NSPS SUBPART J QUALITY GAS &


EQUIPPED WITH LOW NOX BURNERS. THE HOT OIL IS THEN


CONTACTED WITH A HOT (APPROXIMATELY 1350°F)


FLUIDIZED CATALYST WHICH CAUSES THE GAS OIL TO


CRACK INTO LIGHTER PRODUCTS. THE CATALYST IS THEN


SEPARATED FROM THE PRODUCTS IN THE REACTOR AND


RETURNED TO THE REGENERATOR. IN THE REGENERATOR,


COKE WHICH HAS DEPOSITED ON THE CATALYST IS BURNED


OFF & THE CATALYST IS RECYCLED. THE HOT FLUE GAS


LEAVING THE REGENERATOR PASSES THROUGH TWO (2) SETS


OF CYCLONES TO REMOVE ANY CATALYST FINES & IS THEN


USED TO PRODUCE STEAM IN THE WASTE HEAT BOILER. THE


HOT GASES ARE THEN COOLED TO LESS THAN 500°F BEFORE


EXITING THE #7 CATALYST REGENERATOR STACK (SN-809).


THE LIGHT PRODUCTS PRODUCED IN THE REACTOR ARE


SEPARATED IN THE FRACTIONATOR TOWER & USED FOR


VARIOUS PURPOSES. THE FCCU CATALYST REGENERATOR


STACK (SN-809) IS EQUIPPED WITH A WET GAS SCRUBBER


(WGS) FOR THE CONTROL OF SO2 & PM10 EMIS


   


Pollutant Information: LION OIL COMPANY - #7 FCCU CATALYST REGENERATOR, SN-809 


+Pollutant Name Particulate matter, filterable (FPM)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: A







+Control Method


Description: WET GAS SCRUBBER


Emission Limit 1: 0.5000


Emission Limit 1 Unit: LB/1000


Emission Limit 1 Avg.


Time/Condition: COKE BURN


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: NSPS , MACT , SIP , OPERATING PERMIT , OTHER 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: Y


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 88,074 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2007


Pollutants/Compliance


Notes: WET ESP


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: HIGH TEMPERATURE REGENERATION


Emission Limit 1: 100.0000


Emission Limit 1 Unit: PPMDV


Emission Limit 1 Avg.


Time/Condition: 365 DAY AVERAGE, CEMS


Emission Limit 2: 500.0000


Emission Limit 2 Unit: PPMDV


Emission Limit 2 Avg.







Emission Limit 2 Avg.


Time/Condition: 1-HR AVERAGE, CEMS


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: NSPS , SIP , OPERATING PERMIT , OTHER 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: N


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


Process Information: LION OIL COMPANY 


+Process Name: #9 COOLING TOWER, SN-853-9


+Process Type: 50.006


Primary Fuel:


Throughput: 10.50


Throughput Unit: BILLION GAL/12-MONTH


Process Notes: THE #9 COOLING TOWER WILL BE INSTALLED AS A RESULT


OF THE REFINERY EXPANSION. SN-853-9 WAS ADDED TO


ACCOUNT FOR EMISSIONS FROM THE SOURCE SINCE THESE


EMISSIONS WERE RELIED UPON IN THE PSD NETTING


ANALYSIS. THIS SOURCE UNDERWENT A BACT REVIEW FOR


PARTICULATE. BACT WAS DETERMINED TO BE THE USE OF


DRIFT ELIMINATORS.


   


Pollutant Information: LION OIL COMPANY - #9 COOLING TOWER, SN-853-9 


+Pollutant Name Particulate Matter (PM)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified







+Control Method Code: A


+Control Method


Description: DRIFT ELIMINATORS, 0.005%


Emission Limit 1: 3000.0000


Emission Limit 1 Unit: MG/L TDS CONCENTRATI


Emission Limit 1 Avg.


Time/Condition: ANNUAL AVERAGE, MONITORED WEEKLY


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: SIP , OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: N


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


Process Information: LION OIL COMPANY 


+Process Name: PRE-FLASH COLUMN REBOILER, SN-803


+Process Type: 50.005


Primary Fuel: NATURAL GAS OR NSPS J QUALITY GAS


Throughput: 40.00


Throughput Unit: MMBTU/H


Process Notes: THE PRE-FLASH COLUMN REBOILER (SN-803) IS A NSPS







Process Notes: THE PRE-FLASH COLUMN REBOILER (SN-803) IS A NSPS


SUBPART J QUALITY GAS FIRED FURNACE USED TO MAINTAIN


THE TEMPERATURE IN THE COLUMN. RETROFIT SN-803 WITH


NEXT GENERATION ULTRA LOW NOX BURNERS. THESE


SOURCES WILL NOT EXPERIENCE AN INCREASE IN NOX OR CO


EMISSIONS. THEREFORE, A BACT ANALYSIS WAS NOT


REQUIRED FOR NOX OR CO FROM THESE TWO HEATERS. A


PM10 BACT ANALYSIS WAS STILL REQUIRED. THIS RETROFIT


IS REQUIRED BY THE CONSENT DECREE. 


   


Pollutant Information: LION OIL COMPANY - PRE-FLASH COLUMN REBOILER, SN-803 


+Pollutant Name Particulate Matter (PM)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: GOOD COMBUSTION PRACTICE


Emission Limit 1: 0.0075


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HR AVERAGE


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: SIP , OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: N


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In







Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


Process Information: LION OIL COMPANY 


+Process Name: CONVERTED #4 PRE-FLASH COLUMN REBOILER, SN-805


+Process Type: 50.005


Primary Fuel: NATURAL OR NSPS SUBPART J QUALITY GAS


Throughput: 75.00


Throughput Unit: MMBTU/H


Process Notes: SN-805 IS NOT SUBJECT TO BACT FOR NOX AND CO BECAUSE


THESE SOURCES ARE BEING REPLACED WITH ULTRA LOW


NOX BURNERS BEFORE THE REFINERY EXPANSION WILL


COME ON LINE, AND THUS, WILL EXPERIENCE DECREASES IN


NOX AND CO. BOTTOMS FROM THE COLUMN ARE HEATED IN


THE FUEL GAS FIRED VACUUM FURNACE (SN 805) PRIOR TO


VACUUM DISTILLATION. THE VACUUM COLUMN SEPARATES


THE BOTTOMS INTO GAS OIL AND ASPHALT PRODUCTS.


SN-805 IS A 75 MM BTU/HR REBOILER (NOMINAL DESIGN). IT


WAS INSTALLED IN 1996 AND WILL BE RETROFITTED WITH


NEXT GENERATION, ULTRA LOW NOX BURNERS. ON MAY 17,


2000, THIS SOURCE WAS TESTED FOR NOX EMISSIONS USING


EPA REFERENCE METHOD 7E PURSUANT TO §19.702 OF


REGULATION 19, AND 40 C.F.R., PART 52, SUBPART E. THE TEST


RESULTS SUBMITTED TO THE DEPARTMENT DEMONSTRATED


COMPLIANCE. AS A RESULT OF THE REFINERY EXPANSION


PERMIT REVISION, THIS SOURCE HAS UNDERGONE PSD


REVIEW FOR PM10. BACT FOR THIS SOURCE IS GOOD


COMBUSTION PRACTICE. 


   


Pollutant Information: LION OIL COMPANY - CONVERTED #4 PRE-FLASH COLUMN


REBOILER, SN-805 


+Pollutant Name Particulate Matter (PM)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: GOOD COMBUSTION PRACTICE


Emission Limit 1: 0.0075


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HR AVERAGE


Emission Limit 2: 0







Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: SIP , OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: N


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


Process Information: LION OIL COMPANY 


+Process Name: NO. 4 ATMOSPHERIC FURNACE, SN-804


+Process Type: 50.005


Primary Fuel: NATURAL OR NSPS J QUALITY GAS


Throughput: 280.00


Throughput Unit: MMBTU/H


Process Notes: BOTTOMS FROM THE COLUMN ARE HEATED IN THE FUEL GAS


FIRED ATMOSPHERIC TOPPING FURNACE (SN 804) PRIOR TO


DISTILLATION AT ATMOSPHERIC PRESSURE. SN-804 IS A 280


MMBTU/HR SOURCE USED TO HEAT THE BOTTOMS FROM THE


PRE-FLASH COLUMN IN ORDER TO SEPARATE THEM INTO


NAPHTHA, KEROSENE, DIESEL, AND GAS OIL. THE FURNACE IS


FUELED BY NSPS SUBPART J QUALITY GAS. AS A RESULT OF


THE REFINERY EXPANSION PERMIT REVISION, THIS SOURCE


HAS UNDERGONE PSD REVIEW FOR PM10, NOX, AND CO. BACT


FOR THIS SOURCE IS GOOD COMBUSTION PRACTICE AND


NEXT GENERATION ULTRA LOW NOX BURNERS. 


   







Pollutant Information: LION OIL COMPANY - NO. 4 ATMOSPHERIC FURNACE, SN-804 


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: B


+Control Method


Description: EXISTING NEXT GENERATION ULTRA LOW NOX BURNERS


Emission Limit 1: 0.0450


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HR AVERAGE


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: SIP , OPERATING PERMIT , OTHER 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: Y


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 10,408 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2004


Pollutants/Compliance


Notes:


COST FOR SLIGHTLY MORE, 0.035 LB/MMBTU, CONTROL


BASED UPON NEWER ULNB


   


+Pollutant Name Particulate Matter (PM)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: P







+Control Method


Description: GOOD COMBUSTINON PRACTICE


Emission Limit 1: 0.0075


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HR AVERAGE


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: SIP , OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: N


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: GOOD COMBUSTION PRACTICE


Emission Limit 1: 0.0400


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition: 3-HR AVERAGE


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.







Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements: SIP , OPERATING PERMIT 


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?: Y


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 10,060 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 2007


Pollutants/Compliance


Notes: CATALYTIC OXIDATION 
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Operating Experiences and Process Optimization 
of the High-Dust DeNOx Systems at 2000 MW Staudinger 
Power Station of PreussenElektra AG 


1. Introduction 


In April 1984. the Environment Ministers of the 
German states made a discussion that nearly all 
bituminous coal fired power stations in Germany 
have been equipped with SCR-DeNOx reactors 
(Fig. 1 ). These regulations appl ied equally to both 
new and old stations. insofar as the old stations 
were to continue operating indefinitely. A con
centration of 200 mg/m3 of NOx corresponding to 


100 ppmv or 0.11 lbs/MB tu must be adhered to 
as an emission limit for nitrogen oxides for coal 
fired power plants. From 1985 onwards. power 
plants producing a total of approximately 30.000 
MW have been outfitted with SCR technology. 
Most of these facilities. in particular the retrofit
ted ones. went into operation about 10-15 years 
ago. 


German Installations of SCR-DENOX-Technology in P.S. 


This decision also affected the German electric 
companies PreussenElektra and its subsidiary 
VEBA Kraftwerke Ruhr AG (VKR) (Fig. 2). Preus
senElektra's service area includes large areas of 
the federal states of Schleswig-Holstein. Lower 
Saxony and Hessen. while VKR. solely a power 
producer. is concentrated in the Ruhr area. the 
home of German underground pit coal mining. 
PreussenElektra and VKR have a combined gene
rating capacity of over 19.000 MW and have 
installed SCR-DeNOx reactors in power stations 
with a capacity of over 8.000 MW (Fig. 3). 


Because of the significance of SCR technology 
for VKR. in 1993 it acquired a share of Katalysa
torenwerke Huls GmbH (KWH). KWH produces 
honeycomb catalysts and plays a leading role in 
the European market. Through this business 
arrangement and its own operating plants. the 
company has direct access to the entire range of 


Apnl 1984 
limitforNO, 
< 100 vpm 


retrofit phas 


> 30 000 MW denox capacit 


DeNOx expertise including production. enginee
ring and operation and maintenance experience 
in all cases where SCR technology is applicable. 


In principle. the reduction of NOx emissions with 
SCR catalysts is a technology, which was deve
loped many years ago. Nevertheless. experience 
has shown that in many applications. special 
features were required that necessitate further 
optimization of the DeNOx system. In particular. 
standard solutions were often not possible nor 
optimal where retrofi tt ing existing power plants. 


In the following discussions. the Staudinger 
power plant near Frankfurt will be used as an 
example to show how in the last few years. both 
supplier and operator expertise have contributed 
to providing technically satisfactory solutions to 
various problems. 


Fig.1 
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Installed Capacity and Supply Area of PreussenElektra Group 
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Location of Power Stations PreussenElektra Group 
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2. Description of the Staudinger power 
plant 


The Staudinger power plant has five units with a 
net electrical output capacity of nearly 2.000 
MW (Fig. 4). With the exception of unit 4, which 
is gas fired. all units fire pulverized coal. The two 
oldest units. 1 and 2. each 250 MW are equipped 
with 4 identical cyclone boiler furnaces and have 
a liquid slag outtake. Unit 3 (300 MW) is also 
slag tap fired. but is overhead or downshot fired. 


• Nuclear Power 
~ Decommissioned nuclear 


power station 
• Hard coal 
o Lignite 
0 Natural gas I oil 
0 Hydropower 


0 Power plant planned 
• Catalyst Factory of KWH 


Unit 5 (510 MW) only went into operation in 
1992 and is an example of modern German 
Power plant technology. The tower boiler with 
low NOx opposed firing has dry ash removal. and 
the cleaned flue gases are discharged to the 
atmosphere via the cooling tower. All coal boi
lers have high-dust SCR reactors. electrostatic 
precipitators and flue gas desulphurization 
plants. In the following, we will take a closer 
look at operating experiences in units 1. 2 and 5. 
We need this to include typical coal analysis and 
inlet dust loading. 


Fig. 2 


Fig. 3 
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Staudinger P.S. 


3. Operating experiences OeNOx reactors 
units 1. 2 


All four cyclone boilers of units 1 and 2. which 
were constructed in 1965. are single-line equip
ped with a high-dust DeNOx reactor. regenerati
ve air preheater. electrostatic precipitator and 
wet limestone-based HFGD plant (Fig. 5). There 
are two cyclones per boiler. The coal dust is blo
wn into the cyclones tangentially with adjacent 
openings for the secondary air intake. The terti
ary air is fed in behind the cyclone exhaust of the 
combustion chamber. 


Primary and secondary air is fed into the cyclo
nes substoichiometrically (I = 0.95). thus achie
ving a primary NOx reduction. The NOx formation 
in the raw flue gas is 650 ppmv. The DeNOx reac
tors were retrofitted in 1990 and designed for an 
NOx removal efficiency of 85%. All four reactors 
were originally equipped with catalysts produ
ced by various manufacturers of differing geo
metry. 


All of the fly ash collected in the electrostatic 
precipitators is returned to the combustion 
chamber to be melted down. 


Unit 1/2, Boiler 1965, FGC Retrofit 1988/90 


FGD 


Fig. 4 


Fig. 5 
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3.1 Bonding of arsenic as catalyst poison 
through the addition of limestone 


The decision to construct the DeNOx reactors in 
the "high-dust" configuration was made in 1988. 
after the successful completion of studies into 
the bonding of arsenic. a catalytic poison coming 
from coal. With the complete return of fly ash (a 
method often practiced with slag tap firing). the 
trace element arsenic is concentrated in the fly 
ash cycle. This can result in gaseous arsenic tri
oxide. a potent catalyst poison. which is concen
trated in flue gas (lit. 1) of wet bottom boilers 
with fly ash recalculation. 


We have developed a process in the Staudinger 
power station which involves the addition of 
small amounts of limestone to the coal. During 
the combustion process the limestone is calcited 
and highly reactive lime (CaO) is formed. Free 
lime and arsenic react as follows: 
3 Cao+ As203 + 02 = Ca3(AS04l2 


This bonds the arsenic. thus rendering it harm
less to the catalysts. It is therefore possible to 
utilize the economic advantages of a high-dust 
alternative in contrast to a tail-end solution. We 
have learned that there are several important 
factors that influence arsenic poisoning of cata
lyst. To often engineers look only at the As con
tent of the coal. We have found that in order to 
evaluate the catalyst life you also have to consi
der the following: 


• The type of boiler used. 
• The application of fly ash recirculation. 
• It is important to know the concentation of the 


As in the flue gas at the air heater inlet. 


3.2 Optimization of the flue gas ducts 


The limited space available made a complex 
arrangement of the flue gas ducts necessary (Fig. 
6). Once in operation it became clear that the 
duct geometry was not optimized. It allowed fly 
ash deposits to accumulate, which could drop 
down "like an avalanche" and cover the first 
rows of modules in the upper catalyst layer. The 
first stage of optimization involved the installati
on of short baffle plates close to the ground - so 
called spoilers - to prevent fly ash deposits from 
building up on the slanted floor of the flue gas 
duct leading to the reactor hood. 


Increasing the flow rate in the bottom region pro
ved to be insufficient. New deposits formed at a 
distance of about 1 m. and these covered the 
following spoiler. 


What followed was a revision of the complete 
duct geometry with the assistance of the flow 
stream laboratory of Katalysatorenwerke Huls. 
An optimal solution was found using a flow stre
am model. Here carrying out the trials with a two 
phase flow stream using fly ash from the station 
proved effective. In 1994, during inspection work 
carried out on the unit. the duct diameter was 
narrowed by the insertion of an intermediate cei
ling. As a result, the flue gas velocity in the duc
ts of the reactor hood was increased from 8 m/s 
to 12 m/s. In addition. the spoilers and baffle pla
tes were removed and replaced by right-angled 
flow strenghteners. 


These modifications have completely and per
manently prevented fly ash deposits from buil
ding up in the reactor incident flow. 
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Unit 1/2, Flue Gas Duct and Reactor Hood 
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3.3 Combustion optimization . 


Another special feature was the occurrence of 
coarse. distended particles of coke, which accu
mulated on the catalysts and contributed to their 
clogging (Fig. 7). Having a diameter of up to 15 
mm. they can not pass through the catalyst pipes 
and therefore accumulate on the first catalyst 
layer. 


Under an electron microscope, one can see their 
pore structure (Fig. 8). They are completely vola
tilized and are 70 - 90% carbon. 


To prevent them from forming, a check measure
ment of all cyclones was conducted. This check 
measurement consisted of detailed examination 
of the comminution and the coal dust distributi
on at the pulverizes as well as determining the 


Unit 1/2, Agglomerated Coke Particles on 1. Catalyst Layer 
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Unit 1/2, Agglomerated Coke Particles, SEM-lmage 


Fig. 7 


Fig. 8 
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cyclone fuel and air distribution IFig. 9). It was 
determined that the ratio of fuel to air feeding 
into the region of the cyclone outflow was out of 
balance. which explained the formation of coke 
particles. By homogenizing the flow of fuel and 
air. the formation of coke particles was effec
tively prevented. Moreover. the content of 
uncombusted carbon in the fly ash was signifi
cantly reduced. As an additional measure. low
volati le coal with 18 - 20% volatile constituents 
was preferred. which. among German coal. has a 
low swelling index. 


Adjusting the boiler was not sufficient. however. 
to permanently prevent a clogging of the cata-


lysts !Fig. 10). As the following photographs 
show. both the built-in plate catalysts - on the 
leh in the photo - and the 7-pitch honeycomb 
catalysts - on the right in the photo -were affec
ted by mass clogging of the catalyst pipes or 
slits. First we determined that the pressure drop 
at the catalyst layers rapidly increased when we 
did not use a mixture of German and imported 
South African coal. but instead only burned Ger
man Ruhr coal. 


!Fig. 11 ). In the diagram. the correlation between 
pressure drop and fuel used can clearly be seen. 
We discovered that the fly ash from the German 
coal formed highly adhesive deposits. while the 


Unit 1/2, Fuel and Combustion Air Distribution in the Cyclone 
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Unit 1/2, Plugged Plate and Honeycomb (7 mm Pitch) Catalyst 
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portion of South African coal contributed to the 
formation of a pourable fly ash. 


The reason for this was determined by a chemi
cal analysis of the fly ash IFig. 12). It can be seen 
that the content of alkali sulfate. which adheres 
to the surf ace of the fly ash particles. favours the 
tendency to conglomerate. A phase analysis of 
the deposits revealed crystalline sodium alumi
num sulfate and potassium aluminum sulfate 
(NaAl(S04)2; KAl(S04)2. 


After we determined this. we made South Afri
can coal - rich in ash and with a low alkali -a per
manent ingredient of the coal mixture. 
We have also learned that we had to analyze not 
only for the Na and K content of the coal but also 
we need to know if the Na and K compounds are 


water-soluble. In a water soluble form. these 
alkaline metals are highly mobile and will migra
te throughout the catalyst material. reducing the 
active sites. Some coals such as PRB do have 
high contents of water soluble alkaline metals. 
A further problem also arose at the same time as 
the catalysts were clogging because of a high 
unburned carbon content in the fly ash. The low 
NOx boiler operation and the use of low-volatile 
coal resulted in the carbon content of the fly ash 
temporarily increasing to 30%. and not sinking 
below 10%. even after optimizing the boiler. 
From the point of view of energy production. this 
is not an issue. since all of the fly ash is returned 
to the boi ler and melted down. However, the 
clogging of the catalysts and deposits of ash 
containing carbon over large areas resulted in 
local combustion and smoldering fires. encoura-


Unit 1, Influence of Coal Blend on Catalyst Pressure Drop 
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in the third layer. This staggered arrangement 
continues to operate without plugging while 
meeting the NO reduction requirement. 


3.4 Ammonia in the fly ash 


In addition to noting the pressure drop at the 
catalyst layers. observing the NH3 content of the 
fly ash is another simple and certain method of 
monitoring the operating performance of a high
dust DeNOx reactor (Fig. 14). The development of 
the NH3 content of unit 1 from 1993 to 1998 is 
depicted in diagram 14 and provides a clear over
view of the chronological development of the 
NH3 slip of the DeNOx reactor. 


The results of purification endeavours and chan
ges to the flue gas ducts can clearly been seen. 
as can the dramatic decrease in reactor perfor
mance due to the loss of active catalyst surface 
caused by clogging and local combustion of the 
fly ash. 


After implementing the above-described techni
ca I improvements in regard to combustion and 
flow stream. as well as carrying out the two-sta
ged catalyst replacement with 10 mm pitch 
honeycomb catalyst. the NH3 concentration in 
the fly ash was permanently reduced. 
A similar situation could be observed with the 
NH3 content in the waste water of the flue gas 


desulphurization plants (Fig. 15). Shown in dia
gram 15 are the monthly average values. Here 
one should note that the Staudinger power stati
on has a central waste water treatment plant for 
the desulphurization plants of all the units and 
the values shown also include data from units 3 
and 5. Here too. one can see that since 1996. the 
NH3 slip has been permanently lowered by chan
ging the catalyst geometry to 10-pitch honey
combs. Because ammonia is highly toxic to fish. 
ammonia nitrogen is stringently monitored in 
Germany with a limit of 10 mg/I in the waste 
water. Exceeding the limit results in very high 
waste water fees and penalties. Using the mea
sures described. the official limits could be main
tained. without having to resort to a costly tech
nical solution for removing ammonia from the 
FGD waste water plant. 


4. Operating experiences with the DENOX 
reactor in unit 5 


Unit 5 of the Staudinger power station commen
ced operation in 1992 (Fig. 16). The boiler was 
constructed with low-NOx burners as a tower 
boiler. The NOx·concentration in the crude gas is 
250 ppmv (= 0.3 lbs/MB tu). The high-dust 
DeNOx reactor is located directly above the air 
preheater. Dust is removed from the cooled flue 
gases in a 5-field electrostatic precipitator and 
the gas is then desulphurized with a limestone
based FGO. 


NH 3 Concentration in FGD Waste Water 
NH3 [mg/I) 


500~~~~~~~~~~~~~~~~~~~~~~~~~~~~ 


450-t-~~~~~~~~~~~~~-#-'t--~~~~~~~~~~~--t 


400-f-~-A-~~~~~~~~~~~+--t-~~~~~~~~~~~---I 


350-f-~.f---\~~~~~~~~~---H----if---+-~-tt-~~~~~~~~~--t 


250-t--#-~-t---~--~~~~~....-~~--'~l-t-~~~~~~~~~--t 


200..f-~~-l-ll--&-~~~~~--'"--l-~~~----l--~~~~~~~~--1 


150..._~~--+-+-----iJ-1,__..-__,,__--w-~~~~~~+-~~~~~~~~--1 


50-t-~~~~~~~~~~~~~~~~~--~~~~~~~~--t 


oJ.._ .......... -.-.-.,....,.... .............................. ..,....,... ............................................. ..,....,.... ........................ .,....,....~-.-.-........::;~::::::;:::;::;:;:~~;::;::;::t 
Jan Jun. Nov. Apr Sep Feb. Jul Dec May Oct. 
1993 1993 1993 1994 1994 1995 1995 1995 1996 1996 


Mar. 
1997 


Aug Jan. 
1997 1998 


Fig. 15 


z 
0 


..... 
<t 
~ 
a: 
0 
u.. 
z 


--- - -- ---------- ---- -- ----- - - --- -- ---- -- - -- - - - - -











Unit 5, Coarse Blistery Fly Ash Particles "Popcorn" 


5. Conclusions 


The example of the DeNOx reactors of the Stau
dinger power station has shown that in order to 
arrive at an optimal design. it is necessary to 
look at the power station facility in its entirety, 
from the fuel to the boi ler and the entire path of 
the flue gas up to the DeNOx reactors (Fig. 19). 
Under these conditions. SCA technology can be 
mastered. both technologically and economical
ly, including as a high-dust variant downstream 
of a slag tap fired boiler. The number of iterative 
steps to an optimal station design can be noti
ceably reduced. however. if one takes advantage 
of the expert advice of experienced companies 
from the start. 


In Germany in the meantime. more than 15 years 
of operating experience have been gained which 
involve a generation capacity of 30.000 MW. The 
PreussenElektra group owns approximately 30% 
of these stations. All process engineering varia
tions and all makes of catalyst available in Ger
many are represented here. KWH as a producer 
of honeycomb catalysts with a 40% market sha
re in Germany. is represented in the majority of 
German power stations. so that it can refer to the 
operating experiences of many stations. 


The knowledge gained from this experience will 
also be available when the upcoming power sta
tion retrofits in the United States are carried out. 
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Chapter 1 - Introduction 


The South Coast Air Quality Management District (AQMD) Regulation XIII – New 
Source Review (NSR) and Regulation XX – RECLAIM, require applicants to use 
Best Available Control Technology (BACT) for new sources, relocated sources, 
and for modifications to existing sources that may result in an emission increase 
of any nonattainment air contaminant, any ozone depleting compound (ODC), or 
ammonia.  Additionally, Regulation XIII requires the Executive Officer to 
periodically publish BACT Guidelines that establish the procedures and the 
BACT requirements for commonly permitted equipment.  The BACT Guidelines 
were first published in May 1983, and later revised in October 1988.  The 
Guidelines consisted of two parts: Part A – Policy and Procedures, and Part B – 
BACT Determinations.  Part A provided an overview and general guidance while 
Part B contained specific BACT information by source category and pollutant.  
Since the October 1988 revision, Part A was amended once in 1995, and Part B 
was updated six times between 1997 and 1998. 


On December 11, 1998, the Governing Board approved a new format for listing 
BACT determinations in Part B of the Guidelines.  While the previous part B of 
the BACT Guidelines specified BACT requirements and set out source category 
determinations which could be interpreted as definitive, the new format simply 
provides listings of recent BACT determinations by AQMD permitting staff and 
others as well as information on new and emerging technologies.  Part B of the 
AQMD BACT Guidelines now follows the same outline as the permit listings in 
the California Air Pollution Control Officer Association (CAPCOA) BACT 
Clearinghouse and the United States Environmental Protection Agency (USEPA) 
RACT/BACT/LAER Clearinghouse.  Further information on the new format of the 
Guidelines, including reasons for the change in direction, may be found in Board 
Letters presented at the October 1998 Board Meeting, Agenda No. 41, and the 
December 1998 Board Meeting, Agenda No. 28. 


The public participation process was also enhanced to include technical review 
and comments by a focused Scientific Review Committee (SRC) at periodic 
intervals, prior to the updates of the AQMD BACT Guidelines.  At the same time, 
the Board established a 30-day notice period for the SRC and interested persons 
to review and comment on AQMD BACT determinations that result in BACT 
requirements that are more stringent than previously imposed BACT. 


As a result of amendments being proposed to AQMD’s New Source Review 
(NSR) regulations in September 2000, the BACT Guidelines will be separated 
into two: one for major polluting facilities and another for non-major (minor) 
polluting facilities.  (See Chapter 2 in the Overview for how to determine if a 
facility is major or minor).   


The BACT Guidelines for major polluting facilities include: 


• Part A: Policy and Procedures for Major Polluting facilities, and  
• Part B: LAER/BACT Determinations for Major Polluting Facilities. 
 


The BACT Guidelines for non-major polluting facilities include: 
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• Part C: Policy and Procedures for Non-Major Polluting Facilities, and  
• Part D: BACT Guidelines for Non-Major Polluting Facilities. 
 
Both the format of the guidelines and the process for determining BACT are 
significantly different between major and non-major polluting facilities.  Major 
polluting facilities that are subject to NSR are required by the Clean Air Act to 
have the Lowest Achievable Emission Rate (LAER).  LAER is determined at the 
time the permit is issued, with little regard for cost, and pursuant to USEPA’s 
LAER policy as to what is achieved in practice.  The Part B BACT and LAER 
determinations for major polluting facilities are only examples of past 
determinations that help in determining LAER for new permit applications. 


For non-major polluting facilities, BACT will be determined in accordance with 
state law at the time an application is deemed complete.  For the most part, it will 
be as specified in Part D of the BACT Guidelines.  Changes to Part D for minor 
source BACT (MSBACT) to make them more stringent will be subject to public 
review and AQMD Board approval, in view of cost considerations. 


In order to distinguish between BACT for major sources and BACT for minor 
sources, this document will use the following nomenclature for BACT: 


• LAER for BACT at major polluting facilities 


• MSBACT for BACT at non-major polluting facilities 


Written comments about the BACT Guidelines are welcome at any time and will 
be evaluated by AQMD staff and included in the BACT Docket at the AQMD 
library.  These comments should be addressed to: 


South Coast Air Quality Management District 
BACT Docket 
Planning, Rule Development, & Area Sources 
21865 E. Copley Dr. 
Diamond Bar, CA 91765-4182 


The BACT Guidelines may be obtained for a fee by contacting Subscription 
Services at the above address or calling (909) 396-3720.  Revisions to the 
guidelines will be mailed to all persons that have purchased annual updates to 
the BACT Guidelines.  The BACT Guidelines are also available without charge 
from AQMD’s Internet web site at http://www.aqmd.gov/bact. 
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Chapter 2 – Applicability Determination 


 


This chapter explains how to determine whether a facility is a major or minor polluting 
facility, and how a facility can become a minor polluting facility.  


MAJOR POLLUTING FACILITY EMISSION THRESHOLDS 


A facility is a major polluting facility (or a major stationary source as it is called in the 
federal Clean Air Act[CAA]) if it emits, or has the potential to emit, a criteria air pollutant 
at a level that equals or exceeds emission thresholds given in the CAA1.  Table 1 shows 
those emission thresholds for each criteria air pollutant for each air basin in AQMD.  The 
map in Figure 1 shows the location of the three air basins in AQMD.  If a threshold for 
any one criteria pollutant is equaled or exceeded, the facility is a major polluting facility, 
and will be subject to LAER for all pollutants subject to NSR. 


A facility includes all sources located within contiguous properties owned or operated by 
the same person, or persons under common control.  Contiguous means in actual 
contact or separated only by a public roadway or other public right-of-way.  However on-
shore crude oil and gas production facilities under the same ownership or use 
entitlement must be included with offshore crude oil and gas production facilities located 
in Southern California Coastal or Outer Continental Shelf waters. 


The following mobile source emissions are also considered as part of the facility2: 


1) Emissions from in-plant vehicles; and 
2) All emissions from ships during the loading or unloading of cargo and while at 


berth where the cargo is loaded or unloaded; and 
3) Non-propulsion ship emissions within Coastal Waters under AQMD jurisdiction. 


                                                
1 The major source emission thresholds are higher for air basins that comply with the national ambient air quality 


standard and lower depending on how far an air basin is from compliance with the standard for a pollutant.  The 
lowest thresholds apply to extreme non-attainment air basins, the only example of which is the South Coast Air 
Basin for ozone (VOC and NOx).  


2 In accordance with Rule 1306(g). 
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Table 1 
Actual or Potential Emission Threshold Levels (Tons  per Year) 


for Major Polluting Facilities 
 


Pollutant South Coast 
Air Basin 


Riverside County 
Portion of Salton 
Sea Air Basin 


Riverside County 
Portion of Mojave 
Desert Air Basin 


VOC 10 25 100 


NOx 10 25 100 


SOx 100 100 100 


CO 50 100 100 


PM-10 70 70 100 


 


Figure 1:  Map of AQMD 
 


 







CHAPTER 2 -  APPLICABILITY DETERMINATION 


BACT GUIDELINES – OVERVIEW  5 JULY 2006 


POTENTIAL TO EMIT 


Potential to emit (PTE) is based on permit conditions that limit emissions or throughput.  
If there are no such permit conditions, PTE is based on: 


• the maximum rated capacity; and 
• the maximum daily hours of operation; and 
• physical characteristics of the materials processed. 


 
The PTE must include fugitive emissions associated with the source.  RECLAIM 
emission allocations are not considered emission limits because RECLAIM facilities may 
purchase RTCs and increase their emissions without modifying their permit.  


LIMITING POTENTIAL TO EMIT 


A facility’s PTE can be capped by an enforceable permit condition that limits emissions.  
This condition will likely involve monitoring, recordkeeping and reporting to ensure that 
emissions remain below the permit limit.







CHAPTER 3 -  WHEN IS BACT REQUIRED? 


BACT GUIDELINES – OVERVIEW  6 JULY 2006 


Chapter 3 - When is BACT Required? 


 


This chapter explains when BACT is required by identifying the air pollutants 
subject to BACT, the permit actions that trigger BACT review, and the calculation 
procedures to determine emission increases. 


POLLUTANTS SUBJECT TO NSR AND BACT 


The AQMD’s New Source Review (NSR) programs include Regulation XIII - New 
Source Review and Rule 2005 - New Source Review for RECLAIM.  Rule 2005 
applies only to NOx and SOx emissions from RECLAIM facilities, while 
Regulation XIII applies to other non-attainment air pollutants from RECLAIM 
facilities, all non-attainment air pollutants from all other facilities, and ammonia 
and ozone-depleting compound (ODC) emissions from all facilities.  ODCs are 
defined as Class I substances listed in 40 CFR, Part 82, Appendix A, Subpart A, 
and are listed in Table 2. 


Although the AQMD is in attainment with the ambient air quality standards for 
SO2 and NO2, NOx is a precursor to ozone, and both SOx and NOx are 
precursors to PM10 and PM2.5, which are non-attainment air pollutants.  
Therefore, SOx and NOx are treated as non-attainment air pollutants as well.  
The net result is that VOC, NOx, SOx, and PM10, are subject to NSR in all of 
AQMD, while CO is only subject to NSR in the South Coast Air Basin (SOCAB). 


Although the AQMD complies with the ambient air quality standards for lead 
(Pb), Pb can be a component of a source’s PM10 emissions and is therefore 
subject to BACT for PM10.  BACT for Pb will be BACT for PM10 or compliance 
with Rule 1420, whichever is more stringent. In addition, non-attainment 
pollutants include inorganic gases such as hydrogen chloride (HCl) and 
hydrogen fluoride (HF), which are precursors to PM10, and hydrogen sulfide 
(H2S), a precursor to SO2. 


The applicability of the various pollutants to NSR in the various air basins is 
summarized in Table 3.  See Figure 1 in the previous chapter for a map of 
AQMD that shows the location of the three air basins in AQMD. 
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Table 2 
Class I Substances (ODCs)* 


 
 
A. Group I: 
CFCl3 Trichlorofluoromethane (CFC-11) 
CF2Cl2 dichlorodifluoromethane (CFC-12) 
C2F3Cl3 Trichlorotrifluoroethane (CFC-113) 
C2F4Cl2 Dichlorotetrafluoroethane (CFC-114 
C2F5Cl Monochloropentafluoroethane (CFC-115) 
  All isomers of the above chemicals 
 
B. Group II: 
CF2ClBr Bromochlorodifluoromethane (Halon-1211) 
CF3Br Bromotrifluoromethane (Halon-1301) 
C2F4Br2 Dibromotetrafluoroethane (Halon-2402) 
  All isomers of the above chemicals 
 
C. Group III: 
CF3Cl Chlorotrifluoromethane (CFC-13) 
C2FCl5 (CFC-111) 
C2F2Cl4 (CFC-112) 
C3FCl7 (CFC-211) 
C3F2Cl6 (CFC-212) 
C3F3Cl5 (CFC-213) 
C3F4Cl4 (CFC-214) 
C3F5Cl3 (CFC-215) 
C3F6Cl2 (CFC-216) 
C3F7Cl (CFC-217) 
  All isomers of the above chemicals 
 
D. Group IV: 
CCl4 Carbon Tetrachloride 
 
E. Group V: 
C2H3Cl3 1,1,1 Trichloroethane (Methyl chloroform) 
  All isomers of the above chemical except 1,1,2-
trichloroethane 
 
F. Group VI:  
CH3Br Bromomethane (Methyl Bromide) 


 
G. Group VII: 
CHFBr2 
CHF2Br (HBFC-2201) 
CH2FBr 
C2HFBr4 
C2HF2Br3 
C2HF3Br2 
C2HF4Br 
C2H2FBr3 
C2H2F2Br2 
C2H2F3Br 
C2H2FBr2 
C2H3F2Br 
C2H4FBr 
C3HFBr6 
C3HF2Br5 
C3HF3Br4 
C3HF4Br3 
C3HF5Br2 
C3HF6Br 
C3H2FBr5 
C3H2F2Br4 
C3H2F3Br3 
C3H2F4Br2 
C3H2F5Br 
C3H3FBr4 
C3H3F2Br3 
C3H3F3Br2 
C3H3F4Br 
C3H4FBr3 
C3H4F2Br2 
C3H4F3Br 
C3H5FBr2 
C3H5F2Br 
C3H6FBr 
 


* 40 CFR, Part 82, Appendix A, Subpart A 
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Table 3 
Applicability of NSR and BACT to Various Pollutants  in  


South Coast Air Basin (SOCAB), Salton Sea Air Basin  (SSAB), 
 and Mojave Desert Air Basin (MDAB) 


Air Basin VOC NOx SOx CO PM10 NH3 Pb ODC 


SOCAB √ √ √ √ √ √ √ √ 


SSAB √ √ √  √ √ √ √ 


MDAB √ √ √  √ √ √ √ 


 


PERMIT ACTIONS SUBJECT TO NSR AND BACT 


AQMD's NSR regulations are preconstruction permit review programs that 
require the Executive Officer to deny a permit to construct unless the proposed 
equipment includes BACT when: 


� new equipment is installed, 
� existing stationary permitted equipment is relocated, or 
� existing permitted equipment is modified such that there is an 


emission increase. 
If the new equipment is to replace the same kind of equipment, NSR3 still 
requires BACT unless it is an identical replacement, which does not require a 
new permit according to paragraph (c)(3) of Rule 219 -Equipment Not Requiring 
a Written Permit Pursuant to Regulation II, as amended May 19, 2000. 


BACT is not required for a change of operator, provided the facility is a 
continuing operation at the same location, without modification or change in 
operating conditions. 


In case of relocation of a non-major facility, the facility operator may opt out of 
installing MSBACT, provided that the owner/operator meets the conditions 
specified in Rule 1302 (ai) and Rule 1306 (d)(3).4 


It is AQMD policy that BACT is required only for emission increases greater than 
one (1.0) pound per day. 


CALCULATION PROCEDURES FOR EMISSION INCREASES 


The calculation procedures for determining whether there is an increase in 
emissions from an equipment modification that triggers BACT are different for 
NOx and SOx pollutants from RECLAIM facilities and for all other cases.  In 


                                                
3 See Rules 1303(a) and 1304(a). 
4 USEPA has expressed concerns with this provision of the NSR Rules for minor polluting facilities as of 


September 2000.  Staff will continue to work with USEPA  to resolve this issue. 
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general, the calculation procedures for RECLAIM facilities are less likely to result 
in an emission increase that requires BACT. 


For NOx and SOx emissions from a source at a RECLAIM facility, there is an 
emission increase if the maximum hourly potential to emit is greater after the 
modification than it was before the modification.5 


For modifications subject to Regulation XIII, there are two possible cases6: 


1. If the equipment was previously subject to NSR, an emission increase 
occurs if the new potential to emit in one day is greater than the 
previous potential to emit in one day.  


2. If the equipment was never previously subject to NSR, an emission 
increase occurs if the new potential to emit in one day exceeds the 
actual average daily emissions over the two-year period, or other 
appropriate period, prior to the permit application date.  However, for 
the installation of air pollution controls on any source constructed prior 
to the adoption of the NSR on October 8, 1976 for the sole purpose of 
reducing emissions, Rule 1306(f) allows the emission change to be 
calculated as the post-modification potential to emit minus the pre-
modification potential to emit. 


The potential to emit is based on permit conditions that directly limit the 
emissions, or, if there are none, then the potential to emit is based on  
a) maximum rated capacity; and b) the maximum daily hours of operation; 
and c) the physical characteristics of the materials processed. 


                                                
5 See Rule 2005(d). 
6 See Rule 1306(d)(2). 
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Chapter 4 - What is BACT? 


 


This chapter explains the definitions of BACT found in AQMD rules, state law 
and federal law. 


NSR RULES 


New sources, relocations, and modifications of existing sources that increase 
emissions are subject to New Source Review (NSR) regulations which require 
BACT, among other requirements.  Both federal and state laws require this 
strategy.  The federal Clean Air Act (CAA) requirement for Lowest Achievable 
Emission Rate (LAER) is implemented through BACT in the AQMD.  Federal 
LAER applies to major sources only.  Although federal LAER applies to any 
emissions increase at a major stationary source, AQMD has interpreted this 
provision as a 1.0 lb/day increase in emissions from all sources subject to NSR.  
According to AQMD’s rules, BACT requirements may not be less stringent than 
federal LAER for major polluting facilities.  The California Health & Safety Code 
(H&SC) Section 40405 defines state BACT similar to federal LAER and requires 
the application of BACT for all new and modified permitted sources subject to 
NSR. 


DEFINITION OF BACT 


Definitions of BACT are found in: Rule 1302 -Definitions of Regulation XIII - New 
Source Review, which applies to all cases in general, except for Rule 2000 - 
General, which applies to NOx and SOx emissions from nearly 400 RECLAIM 
facilities.  While the definitions are not identical, they are essentially the same.  
Section (f) of Rule 1302 - Definitions defines BACT as:  


 BEST AVAILABLE CONTROL TECHNOLOGY (BACT) means the 
most stringent emission limitation or control technique which: 


(1) has been achieved in practice for such category or class of 
source; or 


(2) is contained in any state implementation plan (SIP) 
approved by the United States Environmental Protection 
Agency (EPA) for such category or class of source.  A 
specific limitation or control technique shall not apply if the 
owner or operator of the proposed source demonstrates to 
the satisfaction of the Executive Officer or designee that 
such limitation or control technique is not presently 
achievable; or 


(3) is any other emission limitation or control technique, found 
by the Executive Officer or designee to be technologically 
feasible for such class or category of sources or for a 
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specific source, and cost-effective as compared to 
measures as listed in the Air Quality Management Plan 
(AQMP) or rules adopted by the District Governing Board. 


The first two requirements in the BACT definition are required by federal law, as 
LAER for major sources.  The third part of the definition is unique to AQMD and 
some other areas in California, and allows for more stringent controls than 
LAER.  


Rule 1303(a)(2), as proposed to adopted, will further require that economic and 
technical feasibility be considered in establishing the class or category of 
sources and the BACT requirements for non-major polluting facilities. 


REQUIREMENTS OF HEALTH & SAFETY CODE SECTION 
40440.11 


Senate Bill 456 (Kelley) was chaptered into state law in 1995 and became 
effective in 1996.  H&SC Section 40440.11 specifies the criteria and process that 
must be followed by the AQMD to update its BACT Guidelines to establish more 
stringent BACT limits for listed source categories.  After consultation with the 
affected industry, the CARB, and the U.S. EPA, and considerable legal review 
and analysis, staff concluded that the process specified in SB 456 to update the 
BACT Guidelines should be interpreted to apply only if the AQMD proposes to 
make BACT more stringent than LAER.  Therefore, the SB 456 requirements do 
apply to BACT requirements for non-major polluting facilities, but do not apply to 
federal LAER determinations for major polluting facilities. 


CLEAN FUEL REQUIREMENTS  


In January 1988, the AQMD Governing Board adopted a Clean Fuels Policy that 
included a requirement to use clean fuels as part of BACT.  The implementation 
of this policy is further described in Parts A and C of these guidelines.  
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Chapter 5 - Review of Staff BACT Determinations 


 


The AQMD has included provisions for an applicant to request a review of 
particular circumstances regarding a permit application and reconsideration of 
the BACT determination.  The following avenues are available to permit 
applicants for further review of staff BACT determinations. 


MEETING WITH AQMD MANAGEMENT 


AQMD management, starting with the Senior Manager of the permitting team, 
can consider unique and site-specific characteristics of an individual permit.  The 
allowance for site-specific characteristics has been designed into the guidelines 
and can be reviewed with the manager of the section processing the permit.  It is 
also possible to request review at the next level, with the Assistant Deputy 
Executive Officer of Engineering and Compliance.  The Senior Managers and 
the Assistant Deputy Executive Officers are empowered to make case-by-case 
decisions on an individual permit.  Further review can be obtained through a 
meeting with the Deputy Executive Officer (DEO) of Engineering and 
Compliance.  Ultimately, all permitting decisions are the responsibility of the 
Executive Officer. 


THE BACT REVIEW COMMITTEE 


Beyond meetings with AQMD management, an applicant may also request, prior 
to permit issuance, that the proposed BACT for an individual permit be reviewed 
by the BACT Review Committee (BRC).  The BRC is composed of five senior-
level AQMD officials - the DEO of Public Affairs; the DEO of Science and 
Technology Advancement; the DEO of Engineering and Compliance; the DEO of 
Planning, Rule Development and Area Sources; and General Counsel.  This 
committee can review pending individual applications and decide if the BACT 
determination is appropriate.  The BRC can be accessed without any fee or legal 
representation, and will meet upon demand. 


THE AQMD HEARING BOARD 


After the permit is issued, the applicant can seek further independent review of 
an individual BACT determination through the AQMD Hearing Board.  In order to 
access this venue, the permit applicant would need to submit a petition and fee 
to appeal the final BACT determination by AQMD (once the permit is denied or 
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issued)7.  The Hearing Board is a quasi-judicial body composed of five members, 
who can review a permitting decision by the Executive Officer.  In this venue, 
legal counsel represents the AQMD.  Although not required, many petitioners 
choose to have legal counsel to represent their position. 


THE AQMD GOVERNING BOARD 


Any applicant may petition the AQMD Governing Board to review a pending 
application pursuant to AQMD Regulation XII and Health and Safety Code 
Section 40509.  The Governing Board has the authority to hear and consider any 
pending permit application, but has only agreed to consider two pending permit 
applications in the last sixteen years. 


                                                
7  Applicants must file an appeal petition with the Hearing Board within thirty days of the receipt of the 


permit or the notification of permit denial.  See Rule 216 - Appeals, Regulation V - Procedure Before the 
Hearing Board, and Rule 303 - Hearing Board Fees for more information. 
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PART A - POLICY AND PROCEDURES 
FOR MAJOR POLLUTING FACILITIES 
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Chapter 1 - How is LAER Determined for Major 
Polluting Facilities? 


 


This chapter explains the criteria used for determining LAER8 and the process 
for updating Part B of the BACT Guidelines for major polluting facilities. 


CRITERIA FOR DETERMININING LAER FOR MAJOR POLLUTING  
FACILITES 


AQMD staff determines LAER requirements on a permit-by-permit basis based 
on the definition of LAER.  In essence, LAER is the most stringent emission limit 
or control technology that is: 


• found in a state implementation plan (SIP), or 
• achieved in practice (AIP), or 
• is technologically feasible and cost effective. 


 
For practical purposes, at this time, nearly all AQMD LAER determinations will be 
based on AIP LAER because it is generally more stringent than LAER based on 
SIP, and because state law constrains AQMD from using the third approach. 


Based on Governing Board policy, LAER also includes a requirement for the use 
of clean fuels.  Terms such as “achieved in practice” and “technologically 
feasible” have not been defined in the rule, so the purpose of this section is to 
explain the criteria AQMD permitting staff uses to make a LAER determination. 


LAER Based on a SIP 
The most stringent emission limit found in an approved state implementation 
plan (SIP) might be the basis for LAER.  This means that the most stringent 
emission limit adopted by any state as a rule, regulation or permit9 and approved 
by USEPA is eligible as a LAER requirement.  No other parameters are required 
to be evaluated when this category is chosen.  This does not include future 
emission limits that have not yet been implemented. 


                                                
8 In order to distinguish between BACT for major polluting facilities and BACT for minor polluting facilities, 


this document uses the term LAER when referring to BACT for major polluting facilities. 
9 Some states incorporate individual permits into their SIP as case-by-case Reasonably Available Control 


Technology requirements. 
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Achieved in Practice LAER 


Regulatory Documents 
An emission limit or control technology may be considered achieved in practice 
(AIP) for a category or class of source if it exists in any of the following 
regulatory documents or programs: 


• AQMD BACT Guidelines 
• CAPCOA BACT Clearinghouse 
• USEPA RACT/BACT/LAER Clearinghouse 
• Other districts’ and states’ BACT Guidelines 
• BACT/LAER requirements in New Source Review permits issued by 


AQMD or other agencies 
 
However, staff will check with the permitting authority (other than AQMD) on the 
status of the BACT or LAER requirement.  If it is found that an emission limit is 
not being achieved or a control technology is not performing as expected in the 
equipment referenced in any of the above sources or in other equipment used as 
the basis for the BACT or LAER determination, then it will not be considered as 
AIP. 


New Technologies/Emission Levels 
New technologies and innovations of existing technologies occasionally evolve 
without a regulatory requirement, but still deserve consideration.  They may have 
been voluntarily installed to reduce emissions, and may or may not be subject to 
an air quality permit or an emission limit.  Therefore, in addition to the above 
means of being determined as AIP, a control technology or emission limit may 
also be considered as AIP if it meets all of the following criteria: 


Commercial Availability:   At least one vendor must offer this equipment for 
regular or full-scale operation in the United States.  A performance warranty or 
guaranty must be available with the purchase of the control technology, as well 
as parts and service. 


Reliability:   All control technologies must have been installed and operated 
reliably for at least six months.  If the operator did not require the basic 
equipment to operate daily, then the equipment must have at least 183 
cumulative days of operation.  During this period, the basic equipment must have 
operated: 1) at a minimum of 50% design capacity; or 2) in a manner that is 
typical of the equipment in order to provide an expectation of continued reliability 
of the control technology. 


Effectiveness:   The control technology must be verified to perform effectively 
over the range of operation expected for that type of equipment.  If the control 
technology will be allowed to operate at lesser effectiveness during certain 
modes of operation, then those modes of operation must be identified.  The 
verification shall be based on a performance test or tests, when possible, or 
other performance data. 
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Technology Transfer 
LAER is based on what is AIP for a category or class of source.  However, 
USEPA guidelines require that technology that is determined to be AIP for one 
category of source be considered for transfer to other source categories.  There 
are two types of potentially transferable control technologies: 1) exhaust stream 
controls, and 2) process controls and modifications.  For the first type, 
technology transfer must be considered between source categories that produce 
similar exhaust streams.  For the second type, technology transfer must be 
considered between source categories with similar processes. 


Cost in LAER Determinations 
USEPA guidelines do not allow for routine consideration of the cost of control in 
LAER determinations.  However, USEPA guidelines say that LAER is not 
considered achievable if the cost of control is so great that a new source could 
not be built or operated with a particular control technology.  If a facility in the 
same or comparable industry already uses the control technology, then such use 
constitutes evidence that the cost to the industry is not prohibitive. 


State law (H&SC 40405) also defines BACT as the lowest achievable emission 
rate, which is the more stringent of either (i) the most stringent emission 
limitation contained in the SIP, or (ii) the most stringent emission limitation that is 
achieved in practice.  There is no explicit reference or prohibition to cost 
considerations, and the applicability extends to all permitted sources.  AQMD 
rules implement both state BACT and federal LAER requirements 
simultaneously, and furthermore specify that AQMD BACT must meet federal 
LAER requirements for major polluting facilities. 


If a proposed LAER determination results in extraordinary costs to a facility, the 
applicant may bring the matter to AQMD management for consideration as 
described in Chapter 6. 


Clean Fuel Requirements  
In January 1988, the AQMD Governing Board adopted a Clean Fuels Policy that 
included a requirement to use clean fuels as part of BACT/LAER.  A clean fuel is 
one that produces air emissions equivalent to or lower than natural gas for NOx, 
SOx, ROG, and fine respirable particulate matter (PM10).  Besides natural gas, 
other clean fuels are methanol, liquid petroleum gas (LPG), and hydrogen.  The 
burning of landfill, digester, refinery and other by-product gases is not subject to 
the clean fuels requirement.  However, the combustion of these fuels must 
comply with other AQMD rules, including the sulfur content of the fuel. 


The requirement of a clean fuel is based on engineering feasibility.  Engineering 
feasibility considers the availability of a clean fuel and safety concerns 
associated with that fuel.  Some state and local safety requirements limit the 
types of fuel, which can be used for emergency standby purposes.  Some fire 
departments or fire marshals do not allow the storage of LPG near occupied 
buildings.  Fire officials have, in some cases, vetoed the use of methanol in 
hospitals.  If special handling or safety considerations preclude the use of the 
clean fuel, the AQMD has allowed the use of fuel oil as a standby fuel in boilers 
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and heaters, and for emergency standby generators.  The use of these fuels 
must meet the requirements of AQMD rules limiting NOx and sulfur emissions. 


Special Permitting Considerations 
Although the most stringent, AIP LAER for a source category will most likely be 
the required LAER, AQMD staff may consider special technical circumstances 
that apply to the proposed equipment which may allow deviation from that LAER.  
The permit applicant should bring any pertinent facts to the attention of the 
AQMD permitting engineer for consideration. 


Case-Specific Situations 
AQMD staff may consider unusual equipment-specific and site-specific 
characteristics of the proposed project that would warrant a reconsideration of 
the LAER requirement for new equipment.  Here are some examples of what 
may be considered. 


Technical Infeasibility of the control technology:   A particular control 
technology may not be required as LAER if the applicant demonstrates 
that it is not technically feasible to install and operate it to meet a specific 
LAER emission limitation in a specific permitting situation. 


Operating schedule and project length:   If the equipment will operate 
much fewer hours per year than what is typical, or for a much shorter 
project length, it can affect what is considered “achieved in practice” 


Availability of fuel or electricity:   Some LAER determinations may not 
be feasible if a project will be located in an area where natural gas or 
electricity is not available. 


Process requirements:   Some LAER determinations specify a particular 
type of process equipment.  AQMD staff may consider requirements of 
the proposed process equipment that would make the LAER 
determination not technically feasible. 


Equivalency 
The permit applicant may propose alternative means to achieve the same 
emission reduction as required by LAER.  For example, if LAER requires a 
certain emission limit or control efficiency to be achieved, the applicant may 
choose any control technology, process modification, or combination thereof that 
can meet the same emission limit or control efficiency. 


Super Clean Materials 
AQMD will accept the use of super clean materials in lieu of an add-on control 
device controlling volatile organic compound (VOC) emissions from coating 
operations.  For example at this time, if a permit applicant uses only surface 
coatings that contain less than 5% VOC by weight, an add-on control device 
would not be required for VOC LAER. 
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Equipment Modifications 
As a general rule, it is more difficult to retrofit existing equipment with LAER as a 
result of NSR modification when compared to a new source.  The equipment 
being modified may not be compatible with some past LAER determinations that 
specify a particular process type.  There may also be space restrictions that 
prevent installation of some add-on control technology. 


LAER APPLICATION CUT-OFF DATES 


For applications submitted by major polluting facilities, LAER requirements will 
be determined based on information available up to the date the permit to 
construct is issued.  This requirement allows interested parties to comment on 
possible technologies that could provide lower emissions. 


Applications for a Registration Permit for equipment issued a valid Certified 
Equipment Permit (CEP), which is valid for one year, will only be required to 
comply with LAER as determined at the time the CEP was issued.  However, 
AQMD staff will reevaluate the LAER requirements for the CEP upon annual 
renewal of the CEP by the equipment manufacturer. 


LAER UPDATE PROCESS 


AQMD will update Section I – AQMD LAER/BACT Determinations of Part B of 
the BACT Guidelines on an ongoing basis with actual LAER determinations for 
AQMD permits issued to major polluting facilities.  The process will depend on 
whether or not the LAER requirement is more stringent than previous AQMD 
LAER determinations for the same equipment category. 


When AQMD permitting staff makes a LAER determination that is no more 
stringent than previous AQMD LAER determinations, the permitting team will 
issue the permit and forward information regarding this LAER determination to 
the BACT/NSR Team.10  The BACT/NSR Team will review this LAER 
determination with the SRC prior to listing in the BACT Guidelines. 


Whenever permitting staff makes a LAER determination that is more stringent 
than what AQMD has previously required as LAER, the permit to construct may 
be subject to a public review.  The permitting team will forward the preliminary 
LAER determination to the BACT/NSR Team, who will prepare and send a public 
notice of the preliminary determination to the SRC, potentially interested 
persons, and anyone else requesting the information.  Staff will consider all 
comments filed during the 30-day review period before making a permit decision.  
Staff will make every effort to conduct the public review consistent with the 
requirements of state law.  However, if the 30-day review period conflicts with the 
deadline of the Permit Streamlining Act11 for issuing the permit, the permit will be 
issued in accordance with state law.  The 30-day public review may also be done 


                                                
10 To reduce the burden on AQMD of preparing hundreds of LAER Determination Forms each month, forms 


will not be prepared for routine LAER determinations after Part B, Section I of the guidelines has 
sufficient entries to demonstrate typical LAER requirements.  


11 The requirements of the Permit Streamlining Act are also found in AQMD’s Rule 210. 
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in parallel with other public reviews mandated by Rule 212 - Standards for 
Approving Permits and Issuing Public Notice or Regulation XXX - Title V Permits 
in applicable cases. 


On a quarterly basis, the AQMD BACT/NSR Team will provide standing status 
reports to the AQMD Governing Board’s Stationary Source Committee and to the 
Governing Board. 


In summary, as technology advances, many categories in the AQMD’s BACT 
Guidelines will be updated with new listings.  This on-going process will reflect 
new lower emitting technologies not previously identified in the Guidelines.
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Chapter 2 - How to Use Part B of the  
BACT Guidelines 


This chapter explains the LAER information found in Part B - LAER/BACT 
Determinations for Major Polluting Facilities.  Part B is a listing of LAER/BACT 
determinations for major polluting facilities contained in AQMD and other air 
pollution control agencies’ permits, and data on new and emerging technologies.  
These LAER/BACT determinations and data are guides and will be used, along 
with other information, to determine LAER as outlined in Chapter 1.  For a listing 
of equipment types, refer to the Index of Equipment Categories.  LAER 
determination for equipment not found in Part B of the BACT Guidelines is done 
according to the process outlined in Chapter 1. 


GENERAL 


Part B is divided into three sections.  Section I – AQMD LAER/BACT 
Determinations, contains information on LAER/BACT determinations contained 
in permits issued by AQMD, with permit limits based on achieved in practice 
technology.  Section II – Non-AQMD LAER/BACT Determinations, lists 
LAER/BACT determinations contained in other air pollution control agencies’ 
permits or BACT Guidelines, with permit limits based on achieved in practice 
technology.  Section III – Other Technologies, consists of information on 
technologies which have been achieved in practice but are not reflected in a 
permit limit, and information on emerging technologies or emission limits which 
have not yet been achieved in practice (i.e., do not qualify as LAER).  All three 
sections are subdivided based on the attached Index of Equipment Categories.  
Within each category, the LAER/BACT determinations will be listed in order of 
stringency. 


Each listing includes information subdivided into the following six sections: 


1) Basic Equipment12 
This provides information on the type, model, style, manufacturer, function, 
and cost of the basic equipment.  It also lists applicable AQMD Regulation XI 
rules.  Cost data are generally obtained from the AQMD application forms, 
manufacturer or owner/operator, and are not verified.  


2) Basic Equipment Rating/Size 
This identifies the size, dimensions, capacity, or rating of the basic 
equipment.  It also provides additional information such as fuel type for 
combustion equipment, weight of parts cleaned per load for degreasers, and 
the number and size of blowers for spray booths. 


                                                
12 Basic equipment is the process or equipment, which emits the air contaminant for which BACT is being 


determined. 
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3) Company Information 
This identifies the contact person and owner/operator of the equipment, 
along with telephone numbers. 


4) Permit Information 
This identifies the permitting agency and the name and telephone number of 
the agency’s contact person.  It also provides information on Permits to 
Construct/Operate.  The AQMD is always the issuing agency for LAER 
determinations listed in Section I. 


5) Emission Information 
This identifies the actual permit limits and LAER/BACT requirements set forth 
by the issuing agency for the equipment being evaluated.  It provides 
technical, performance, and cost data on the control technology used to 
achieve the permit limit and the LAER/BACT requirements. 


6) Comment  
This provides additional information relevant to basic equipment and control 
technology assessment, or further explains or clarifies the LAER/BACT 
determination. 


The above six sections will enable permit applicants to assess the applicability of 
each LAER/BACT determination to their particular equipment. 


The LAER requirements usually found in section 5A of the LAER Determination 
listings are in the form of: 


• an emission limit; 
• a control technology; 
• equipment requirements; or 
• a combination of the last two. 


 
If the requirement is an emission limit, the applicant may choose any control 
technology to achieve the emission limit.  The AQMD prefers to set an emission 
limit as LAER because it allows an applicant the most flexibility in reducing 
emissions.  If control technology and/or equipment requirements are the only 
specified LAER, then either emissions from the equipment are difficult to 
measure or it was not possible to specify an emission limit that applies to all 
equipment within the category.  Where possible, an emission limit or control 
efficiency condition will be specified on the permit along with the control 
technology or equipment requirements to ensure that the equipment is properly 
operated with the lowest emissions achievable. 


HOW TO DETERMINE LAER 


The Part B LAER determinations are only examples of LAER determinations for 
equipment that have been issued permits or that have been demonstrated in 
practice.  As described in Chapter 1, LAER is determined on a case-by-case 
basis.  To find out what LAER is likely to be for a particular equipment, the 
applicant should review the Part B LAER determinations found at the AQMD 
website http://www.aqmd.gov/bact.  The CAPCOA Clearinghouse maintained by 
the California Air Resources Board and the USEPA RACT/BACT/LAER 
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Clearinghouse should also be reviewed.  These compendiums contain 
information from other districts, local agencies, and states that may not be 
included in the AQMD BACT Guidelines.  Finally, the AQMD permitting staff may 
be contacted to discuss LAER prior to submitting a permit application.   


As described in Chapter 1, the permit applicant should bring to the attention of 
the AQMD permitting engineer any special permitting considerations that may 
affect the LAER determination. 
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PART B - LAER/BACT DETERMINATIONS 
FOR MAJOR POLLUTING FACILITIES 


Part B of the BACT Guidelines is maintained on the AQMD Internet website at 
http://www.aqmd.gov/bact. 
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PART C - POLICY AND PROCEDURES FOR 
NON-MAJOR POLLUTING FACILITIES 
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Chapter 1 - How Is MSBACT Determined for Minor 
Polluting Facilities? 


This chapter explains the definitions of BACT for non-major polluting facilities (minor 
source BACT or MSBACT) found in AQMD rules and state law and how they are 
interpreted.  It also explains the criteria used for initializing the Part D MSBACT 
Guidelines and the process for updating the MSBACT Guidelines. 


INITIALIZATION OF PART D OF THE MSBACT GUIDELINES 


Part D of the MSBACT Guidelines specifies the MSBACT requirements for all of the 
commonly permitted categories of equipment.  (See Chapter 2 for a full explanation 
of Part D). 


The initial listings in Part D of the MSBACT Guidelines reflect current BACT 
determinations for sources at non-major polluting facilities as of April 2000.  This 
initialization does not represent new requirements but rather memorializes current 
BACT determinations and emission levels.  This initialization is necessary to 
benchmark the transition from federal LAER to MSBACT for non-major polluting 
facilities.  The control technologies and emission levels identified initially will apply to 
any non-major source subject to NSR until the Guideline is updated or becomes out 
of date. 


CRITERIA FOR NEW MSBACT AND UPDATING PART D 


MSBACT requirements are determined for each source category based on the 
definition of MSBACT.  In essence, MSBACT is the most stringent emission limit or 
control technology that is: 


• found in a state implementation plan (SIP), or 
• achieved in practice (AIP), or 
• is technologically feasible and cost effective. 


 
For practical purposes, nearly all AQMD MSBACT determinations will be based on 
AIP BACT because it is generally more stringent than MSBACT based on SIP, and 
because state law contains some constraints on AQMD from using the third 
approach.  For minor polluting facilities, MSBACT will also take economic feasibility 
into account. 


Based on Governing Board policy, MSBACT also includes a requirement for the use 
of clean fuels.   


Terms such as “achieved in practice” and “technologically feasible” (including 
technology transfer) have not been defined in the rule, so one of the purposes of this 
section is to explain the criteria AQMD permitting staff uses to make a MSBACT 
determination. 
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MSBACT Based on a SIP 
The most stringent emission limit found in an approved state implementation plan 
(SIP) might be the basis for MSBACT.  This means that the most stringent emission 
limit adopted by any state as a rule, regulation or permit13 and approved by USEPA is 
eligible as a MSBACT requirement. This does not include future emission limits that 
have not yet been implemented. 


Achieved in Practice MSBACT 
BACT may also be based on the most stringent control technology or emission limit 
that has been achieved in practice (AIP) for a category or class of source.  AIP 
control technology may be in operation in the United States or any other part of the 
world.  AQMD permitting engineers will review the following sources to determine 
what is the most stringent AIP MSBACT: 


• LAER/BACT determinations in Part B of the BACT Guidelines 
• CAPCOA BACT Clearinghouse 
• USEPA RACT/BACT/LAER Clearinghouse 
• Other districts’ and states’ BACT Guidelines 
• Permits to operate issued by AQMD or other agencies 
• Any other source for which the requirements of AIP can be demonstrated 


Achieved in Practice Criteria 
A control technology or emission limit found in any of the references above may be 
considered as AIP if it meets all of the following criteria: 


Commercial Availability:   At least one vendor must offer this equipment for regular 
or full-scale operation in the United States.  A performance warranty or guaranty 
must be available with the purchase of the control technology, as well as parts and 
service. 


Reliability:   The control technology must have been installed and operated reliably 
for at least twelve months on a comparable commercial operation.  If the operator did 
not require the basic equipment to operate continuously, such as only eight hours per 
day and 5 days per week, then the control technology must have operated whenever 
the basic equipment was in operation during the twelve months. 


Effectiveness:   The control technology must be verified to perform effectively over 
the range of operation expected for that type of equipment.  If the control technology 
will be allowed to operate at lesser effectiveness during certain modes of operation, 
then those modes must be identified. The verification shall be based on a 
performance test or tests, when possible, or other performance data. 


Cost Effectiveness:  The control technology or emission rate must be cost effective 
for a substantial number of sources within the class or category.  Cost effectiveness 
criteria are described in detail in a later section. Cost criteria are not applicable to an 
individual permit but rather to a class or category of source. 


                                                
13 Some states incorporate individual permits into their SIP as case-by-case Reasonably Available Control 


Technology requirements. 
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Technology Transfer 
MSBACT is based on what is AIP for a category or class of source.  However, 
technology transfer must also be considered across source categories, in view of the 
other AIP criteria.  There are two types of potentially transferable control 
technologies: 1) exhaust stream controls, and 2) process controls and modifications.  
For the first type, technology transfer must be considered between source categories 
that produce similar exhaust streams.  For the second type, process similarity 
governs the technology. 


Requirements of Health & Safety Code Section 40440. 11 
Senate Bill 456 (Kelley) was chartered into state law in 1995 and became effective in 
1996.  H&SC Section 40440.11 specifies the criteria and process that must be 
followed by the AQMD to establish new MSBACT limits for source categories listed in 
the MSBACT Guidelines. In general, the provisions require: 


• Considering only control options or emission limits to be applied to the basic 
production or process equipment; 


• Evaluating cost to control secondary pollutants; 
• Determining the control technology is commercially available; 
• Determining the control technology has been demonstrated for at least one 


year on a comparable commercial operation; 
• Calculating total and incremental cost-effectiveness; 
• Determining that the incremental cost-effectiveness is less than AQMD’s 


established cost-effectiveness criteria; 
• Putting BACT Guideline revisions on a regular meeting agenda of the AQMD 


Governing Board; 
• Holding a Board public hearing prior to revising maximum incremental cost-


effectiveness values; 
• Keeping a BACT determination made for a particular application unchanged 


for at least one year from the application deemed complete date; and 
• Considering a longer period for a major capital project (> $10,000,000) 


 
After consultation with the affected industry, the CARB, and the U.S. EPA, and 
considerable legal review and analysis, staff concluded that the process specified in 
SB 456 to update the BACT Guidelines should be interpreted to apply only if the 
AQMD proposes to make BACT more stringent than LAER or where LAER is 
inapplicable.  Staff intends to incorporate the spirit and intent of the SB 456 
provisions into the MSBACT update process, as explained below, because non-major 
polluting facilities are no longer subject to federal LAER. 


COST EFFECTIVENESS METHODOLOGY 


Cost effectiveness is measured in terms of control costs (dollars) per air emissions 
reduced (tons).  If the cost per ton of emissions reduced is less than the maximum 
required cost effectiveness, then the control method is considered to be cost 
effective.  This section also discusses the updated maximum cost effectiveness 
values, and those costs, which can be included in the cost effectiveness evaluation. 
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There are two types of cost effectiveness: average and incremental. Average cost 
effectiveness considers the difference in cost and emissions between a proposed 
MSBACT and an uncontrolled case.  On the other hand, incremental cost 
effectiveness looks at the difference in cost and emissions between the proposed 
MSBACT and alternative control options. 


Applicants may also conduct a cost effectiveness evaluation to support their case for 
the special permit considerations discussed in Chapter 2. 


Discounted Cash Flow Method 
The discounted cash flow method (DCF) is used in the MSBACT Guidelines.  This is 
also the method used in the 1999 Air Quality Management Plan.  The DCF method 
calculates the present value of the control costs over the life of the equipment by 
adding the capital cost to the present value of all annual costs and other periodic 
costs over the life of the equipment.  A real interest rate∗ of four percent, and a 10-
year equipment life is used.  The cost effectiveness is determined by dividing the 
total present value of the control costs by the total emission reductions in tons over 
the same 10-year equipment life. 


 


 Maximum Cost Effectiveness Values 
The MSBACT maximum cost effectiveness values, shown in Table 4, are based on a 
DCF analysis with a 4% real interest rate. 


Table 4: Maximum Cost Effectiveness Criteria (Secon d Quarter 2003) 
 


Pollutant Average 
(Maximum $ per Ton) 


Incremental 
(Maximum $ per Ton) 


ROG 20,200 60,600 


NOx 19,100 57,200 


SOx 10,100 30,300 


PM10 4,500 13,400 


CO 400 1,150 
 


The cost criteria are based on those adopted by the AQMD Governing Board in the 
1995 BACT Guidelines, adjusted to second quarter 2003 dollars using the Marshall 
and Swift Equipment Cost Index.  Cost effectiveness analyses should use these 
figures adjusted to the latest Marshall and Swift Equipment Cost Index, which is 
published monthly in Chemical Engineering. 


 


                                                
∗∗∗∗  The real interest rate is the difference between market interest rates and inflation, which typically remains 


constant at four percent. 
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Top Down Cost Methodology 
The AQMD uses the top down approach for evaluating cost effectiveness.  This 
means that the best control method, with the highest emission reduction, is first 
analyzed.  If it is not cost effective, then the second-best control method is evaluated 
for cost effectiveness.  The process continues until a control method is found to be 
cost-effective. 


AQMD staff will calculate both incremental and average cost effectiveness.  The new 
MSBACT must be cost effective based on both analyses. 


Costs to Include in a Cost Effectiveness Analysis 
Cost effectiveness evaluations consider both capital and operating costs.  Capital 
cost includes not only the price of the equipment, but the cost for shipping, 
engineering and installation.  Operating or annual costs include expenditures 
associated with utilities, labor and replacement costs.  Finally, costs are reduced if 
any of the materials or energy created by the process result in cost savings.  These 
cost items are shown in Table 5.  Methodologies for determining these values are 
given in documents prepared by USEPA through their Office of Air Quality Planning 
and Standards (OAQPS Control Cost Manual, 4th Edition, USEPA 450/3-90-006 and 
Supplements). 


The cost of land will not be considered because 1) add-on control equipment usually 
takes up very little space, 2) add-on control equipment does not usually require the 
purchase of additional land, and 3) land is non-depreciable and has value at the end 
of the project.  In addition, the cost of controlling secondary emissions and cross-
media pollutants caused by the primary MSBACT requirement should be included in 
any required cost effectiveness evaluation of the primary MSBACT requirement. 
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Table 5:  Cost Factors 
 


Total Capital Investment 
   
 Purchased Equipment Cost 


Control Device 
Ancillary (including duct work) 
Instrumentation 
Taxes 
Freight 


Direct Installation Cost 
Foundations and Supports 
Handling and Erection 
Electrical 
Piping 
Insulation 
Painting 


Indirect Installation Costs 
Engineering 
Construction and Field Expenses 
Start-Up 
Performance Tests 
Contingencies 


 
Total Annual Cost 


   
 Direct Costs Indirect Costs 
 Raw Materials Overhead 
 Utilities Property Taxes 
 - Electricity Insurance 
 - Fuel Administrative Charges 
 - Steam Recovery Credits 
 - Water Materials 
 - Compressed Air Energy 
 Waste Treatment/Disposal  
 Labor  
 - Operating  
 - Supervisory  
 - Maintenance  
 Maintenance Materials  
 Replacement Parts  


 


CLEAN FUEL REQUIREMENTS  


In January 1988, the AQMD Governing Board adopted a Clean Fuels Policy that 
included a requirement to use clean fuels as part of BACT.  A clean fuel is one that 
produces air emissions equivalent to or lower than natural gas for NOx, SOx, ROG, 
and fine respirable particulate matter (PM10).  Besides natural gas, other clean fuels 
are methanol, liquid petroleum gas (LPG), and hydrogen.  The burning of landfill, 
digester, refinery and other by-product gases is not subject to the clean fuels 
requirement as they are considered industry.  However, the combustion of these 
fuels must comply with other AQMD rules, including the sulfur content of the fuel. 


The requirement of a clean fuel is based on engineering feasibility.  Engineering 
feasibility considers the availability of a clean fuel and safety concerns associated 
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with that fuel.  Some state and local safety requirements limit the types of fuel, which 
can be used for emergency standby purposes.  Some fire departments or fire 
marshals do not allow the storage of LPG near occupied buildings.  Fire officials 
have, in some cases, vetoed the use of methanol in hospitals.  If special handling or 
safety considerations preclude the use of the clean fuel, the AQMD has allowed the 
use of fuel oil as a standby fuel in boilers and heaters, and for emergency standby 
generators.  The use of these fuels must meet the requirements of AQMD rules 
limiting NOx and sulfur emissions. 


BACT UPDATE PROCESS 


As technology advances, the AQMD’s MSBACT Part D Guidelines will be updated.  
Updates will include revisions to the guidelines for existing equipment categories, as 
well as new guideline for new categories.  


The MSBACT Guidelines will be revised based on the criteria outlined in the previous 
sections.  Once a more stringent emission limit or control technology has been 
reviewed by staff and is determined to meet the criteria for MSBACT, it will be 
reviewed through a public process.  The process is shown schematically in Figure 2.  
The public will be notified and the Scientific Review Committee (SRC) will have an 
opportunity to comment.  Following the public process, the guidelines will be 
presented to the Governing Board for approval at a public hearing, prior to updates of 
the MSBACT Guidelines, Part D. 
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Chapter 2 - How To Use Part D of the  
MSBACT Guidelines 


 


This chapter explains the MSBACT information found in Part D - MSBACT 
Guidelines.  The Guidelines in Part D should be used to determine MSBACT for 
non-major polluting facilities.  For a listing of equipment, refer to the Part D Table 
of Contents.  Determination of MSBACT for equipment not found in Part D of the 
MSBACT Guidelines is also explained. 


GENERAL 


Part D includes MSBACT Guidelines for more than 100 categories of equipment 
commonly processed by AQMD.  Some guidelines are further subdivided by 
equipment size, rating, type or the material used, as appropriate. 


The MSBACT requirements are in the form of: 


1) an emission limit; 
2) a control technology; 
3) equipment requirements; or 
4) a combination of the last two. 


 


If the requirement is an emission limit, the applicant may choose any control 
technology to achieve the emission limit.  The AQMD prefers to set an emission 
limit as MSBACT because it allows an applicant the most flexibility in reducing 
emissions.   


If a control technology and/or equipment requirements are the only specified 
MSBACT, then either emissions from the equipment are difficult to measure or it 
was not possible to specify an emission limit that applies to all equipment within 
the category.  Where possible, an emission limit or control efficiency condition 
will be specified in the permit along with the control technology or equipment 
requirements to ensure that the equipment is properly operated with the lowest 
emissions achievable.  An applicant may still propose to use other ways to 
achieve the same or better emission reduction than the specified MSBACT. 


MSBACT is the control technology or emission limit given in Part D for the basic 
equipment or process being evaluated, unless the guideline is out of date, or 
there are special permitting conditions, or the equipment is not identified in Part 
D.  In those cases, the procedures described in the following sections will be 
used to determine MSBACT. Applicants or other interested parties are 
encouraged to contact the AQMD permitting staff if there are any questions 
about MSBACT. 
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SPECIAL PERMITTING CONSIDERATIONS 


Although the most stringent, AIP BACT for a source category will most likely be 
the required MSBACT, AQMD staff may consider special technical 
circumstances that apply to the proposed equipment which may allow deviation 
from that MSBACT.  The permit applicant should bring any pertinent facts to the 
attention of the AQMD permitting engineer for consideration. 


Case-Specific Situations 
AQMD staff may consider unusual equipment-specific and site-specific 
characteristics of the proposed project that would warrant a reconsideration of 
the MSBACT requirement for new equipment. 


Technical Infeasibility of the control technology:   A particular control 
technology may not be required as MSBACT if the applicant 
demonstrates that it is not technically feasible to install and operate it to 
meet a specific MSBACT emission limitation in a specific permitting 
situation. 
 
Operating schedule and project length:   If the equipment will operate 
much fewer hours per year than what is typical, or for a much shorter 
project length, it can affect what is considered “AIP”. 
 
Availability of fuel or electricity:   Some MSBACT determinations may 
not be feasible if a project will be located in an area where natural gas or 
electricity is not available. 
 
Process requirements:   Some MSBACT determinations specify a 
particular type of process equipment.  AQMD staff may consider 
requirements of the proposed process equipment that would make the 
MSBACT determination not technically feasible. 


 
Equivalency 


The permit applicant may propose alternative means to achieve the same 
emission reduction as required by BACT.  For example, if BACT requires a 
certain emission limit or control efficiency to be achieved, the applicant may 
choose any control technology, process modification, or combination thereof that 
can meet the same emission limit or control efficiency. 


Super Clean Materials 
AQMD will accept the use of super clean materials in lieu of an add-on control 
device controlling volatile organic compound (VOC) emissions from coating 
operations.  For example at this time, if a permit applicant uses only surface 
coatings that contain less than 5% VOC by weight, it may qualify as VOC 
MSBACT. 
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Equipment Modifications 
As a general rule, it is more difficult to retrofit existing equipment with MSBACT 
as a result of NSR modification when compared to a new source.  The 
equipment being modified may not be compatible with some past MSBACT 
determinations that specify a particular process type.  There may also be space 
restrictions that prevent installation of some add-on control technology. 


Equipment Not Identified in the MSBACT Guidelines 
Although the BACT Guideline contains an extensive listing of practically 
everything the AQMD permits, occasionally applications will be received for 
equipment not identified in the Guideline.  As required by Rule 1303, MSBACT 
for an equipment category not listed in the MSBACT Guidelines must be 
determined on a case-by-case basis using the definition of BACT in Rule 1302 
and the general procedures in these MSBACT Guidelines, as shown in Chapter 
1 and the previous sections of this chapter. 


Applicants whose equipment is not listed in Part D of the MSBACT Guidelines 
should contact the AQMD and arrange a pre-application conference.  MSBACT 
issues can be discussed in the conference for leading to a MSBACT 
determination.  Applicants are not required to conduct the MSBACT evaluation 
but the application may be processed more quickly if the applicant provides a 
MSBACT evaluation with the application for a permit to construct. 


MSBACT Determinations Should the Guidelines Become Out of 
Date 


Should the MSBACT Guideline Part D become out of date with state BACT 
requirements or permits issued for similar equipment in other parts of the state, 
staff will evaluate permits consistent with the definition of BACT considering 
technical and economic criteria as required by Rule 1303 (a) and Health & Safety 
Code Section 40405.  The technical and economic factors to be considered are 
those identified in Chapter 1. 


BACT APPLICATION CUT-OFF DATES 


These guidelines apply to all non-major polluting facility applications deemed 
complete subsequent to AQMD Governing Board adoption of the Regulation XIII 
amendments in 2000. 


Applications for a Registration Permit for equipment issued a valid Certified 
Equipment Permit (CEP), which is valid for one year, will only be required to 
comply with MSBACT as determined at the time the CEP was issued.  However, 
AQMD staff will reevaluate the MSBACT requirements for the CEP upon annual 
renewal of the CEP by the equipment manufacturer. 







 


MSBACT GUIDELINES – PART D 37 JULY 2006 


 


 


PART D - BACT GUIDELINES FOR  
NON-MAJOR POLLUTING FACILITIES 


Part D of the BACT Guidelines is published as a separate document. 
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LIST OF ABBREVIATIONS 
 


AIP Achieved in Practice 
AQMD South Coast Air Quality Management District 
AQMP Air Quality Management Plan 
BACT Best available control technology  
BRC BACT Review Committee, AQMD 
CAA Clean Air Act 
CAPCOA California Air Pollution Control Officers Association 
CEP Certified Equipment Permit 
CFC Chlorofluorocarbons 
CFR Code of Federal Regulations 
CO Carbon monoxide 
DEO Deputy Executive Officer 
H&SC Health and Safety Code, California State 
LAER Lowest achievable emission rate 
LPG Liquefied petroleum gas 
MDAB  Mojave Desert Air Basin 
MSBACT Minor Source BACT 
NO2 Nitrogen dioxide 
NOx Oxides of nitrogen 
NSR New Source Review 
ODC Ozone depleting compounds 
PM10 Particulate matter less than 10 microns in diameter 
RACT Reasonably available control technology 
RECLAIM Regional Clean Air Incentive Market 
ROG Reactive organic gas 
SIP State Implementation Plan 
SOCAB  South Coast Air Basin 
SOx Oxides of sulfur 
SRC Scientific Review Committee 
SSAB  Salton Sea Air Basin 
USEPA United States Environmental Protection Agency 
VOC Volatile organic compound 
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INDEX OF EQUIPMENT CATEGORIES 


A 
Abrasive Blasting 
Absorption Chille 
Air Start Unit 
Air Stripper - Ground Water Treatment 
Aluminum Melting Furnace - Crucible or Pot (All Charge) 
Aluminum Melting Furnace - Crucible or Pot, Ingot and/or Clean Scrap Charge Only 
Aluminum Melting Furnace - Reverberatory, Non-Sweating, Ingot or Contaminated 


Scrap Charge 
Aluminum Melting Furnace - Reverberatory, Non-Sweating, Ingot or non-Contaminated 


Scrap Charge 
Aluminum Melting Furnace - Reverberatory, Sweating, Ingot or Contaminated Scrap 


Charge 
Aluminum Melting Furnace - Rotary, Sweating, Ingot or Contaminated Scrap Charge 
Ammonium Bisulfate and Thiosulfate Production 
Animal Feed Manufacturing - Dry Material Handling (see Bulk Solid Material Handling) 
Asbestos Machining Equipment 
Asphalt Batch Plant 
Asphalt Roofing Line 
Asphalt Storage Tank (see Storage Tank – Liquid) 
Asphalt Day Tanker 
Autobody Shredder 


B 
Ball Mill 
Beryllium Machining Equipment 
Blender (see Mixer) 
Boiler 
Boiler - Refinery Gas Fired 
Boiler, CO - Refinery 
Boiler - Agricultural Waste (Biomass) Fired 
Boiler - Landfill or Digester Gas fired 
Boiler - Municipal Solid Waste (MSW) Fired 
Boiler - Wood Fired 
Brake Pad Grinder 
Brakeshoe Debonder 
Brass Melting Furnace - Crucible 
Brass Melting Furnace - Cupola 
Brass Melting Furnace - Reverberatory, Non-Sweating 
Brass Melting Furnace - Reverberatory, Sweating 
Brass Melting Furnace - Rotary, Non-Sweating 
Brass Melting Furnace - Rotary, Sweating 
Brass Melting Furnace - Tilting Induction 
Bulk Cement - Ship Unloading 
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Bulk Solid Material Handling 
Bulk Solid Material - Ship Loading - Non-White Commodities 
Bulk Solid Material - Ship Loading - White Commodities 
Bulk Solid Material Ship Unloading - Except Cement 
Bulk Solid Material Storage - Non-White Commodities 
Bulk Solid Material Storage - White Commodities 
Burnoff or Burnout Furnace (Excluding Wax Burnoff) 


C 
Calcined Petroleum Coke Handling 
Calcined Petroleum Coke Truck Loading and Unloading 
Calciner 
Calciner - Petroleum Coke 
Calciner - Portland Cement 
Carpet Beating and Shearing 
Carpet Oven (see Dryer or Oven) 
Catalyst Manufacturing - Reactor 
Catalyst Manufacturing - Rotary Dryer 
Catalyst Manufacturing - Spray Dryer 
Catalyst Regeneration - Fluidized Catalyst Cracking Unit 
Catalyst Regeneration - Hydrocarbon Removal 
Catalyst Regeneration and Manufacturing  Calcining 
Cement Handling (see Bulk Cement – Ship Unloading) 
Charbroiler, Chain-driven (Conveyorized) 
Chemical Milling Tank - Aluminum and Magnesium 
Chemical Milling Tank - Nickel Alloys, Stainless Steel and Titanium 
Chip Dryer 
Chrome Plating - Decorative Chrome 
Chrome Plating - Hard Chrome 
Circuit Board Etcher - Batch Immersion Type, Subtractive Process 
Circuit Board Etcher - Conveyorized Spray Type, Subtractive Process 
Circuit Board Photoresist Developer  
Clay, Ceramic, and Refractories Handling (Except Mixing) (see Bulk Solid Material 


Handling) 
Cleaning Compound Blender 
CO2 Plant 
Coal, Coke and Sulfur Handling and Storage (see Bulk Solid Material Handling and Bulk 


Solid Material Storage) 
Coffee Roasting 
Coffee Roasting – Handling Equipment 
Commodities Handling and Storage (see Bulk Solid Material Handling and Bulk Solid 


Material Storage) 
Composting 
Compressors (see Fugitive Emission Sources) 
Connectors - Gas/Vapor and Light Liquid (see Fugitive Emission Sources) 
Concrete Batch Plant - Central Mixed 
Concrete Batch Plant - Transit-Mixed 
Concrete Blocks and Forms Manufacturing 
Cotton Gin 
Crematory 
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D 
Degreaser - Batch-Loaded or Conveyorized Cold Cleaners 
Degreaser - Conveyorized Vapor, Volatile Organic CompoundsDegreaser - Vapor 


Cleaning, Volatile Organic Compounds 
Degreaser - Other 
Detergent Manufacturing - Solids Handling 
Detergent Manufacturing - Spray Dryer 
Diaphragm (see Fugitive Emission Sources) 
Diesel Engine (see I.C. Engine – Compression Ignition) 
Drum Reclamation Furnace 
Dry Cleaning - Perchloroethylene 
Dry Cleaning - Petroleum Solvent 
Dry Material Handling (see Bulk Solid Material Handling) 
Dryer - Kiln 
Dryer - Rotary, Spray and Flash 
Dryer – Tenter Frame, Fabric 
Dryer - Tray, Agitated Pan, and Rotary Vacuum 
Dryer or Oven - Direct and Indirect Fired 


E 
Electric Furnace - Pyrolizing, Carbonizing and Graphitizing 
Electrical Wire Reclamation - Insulation Burnoff Furnace 
Ethylene Oxide Sterilization - Quarantine Storage 
Ethylene Oxide Sterilization/Aeration 
Expanded Polystyrene Manufacturing, Using Blowing Agent (see Polymeric Cellular 


[Foam] Product Manufacturing) 
Extrusion (see Plastic or Resin Extrusion) 


F 
Fatty Acid - Fat Hydrolyzing and Fractionation 
Fatty Alcohol 
Feed and Grain Handling (see Bulk Solid Material Handling) 
Fermentation - Beer and Wine 
Fertilizer Handling (see Bulk Solid Material Handling) 
Fiber Impregnation 
Fiberglass Fabrication (see Polyester Resin Operations) 
Film Cleaning Machine (see Degreaser) 
Fish Cooker - Edible 
Fish Reduction - Cooker 
Fish Reduction - Digester, Evaporator and Acidulation Tank 
Fish Reduction - Dryer 
Fish Reduction - Meal Handling 
Fish Rendering - Presses, Centrifuges, Separators, Tank, etc. 
Fittings (see Fugitive Emission Sources) 
Flare - Digester Gas or Landfill Gas from Non-Hazardous Waste Landfill 
Flare - Landfill Gas from Hazardous Waste Landfill 
Flare - Refinery, Non-Emergency 
Flexographic Printing (see Printing) 
Flow Coater, Dip Tank and Roller Coater 
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Fluidized Catalytic Cracking Unit 
Foundry Sand Mold - Cold Cure Process 
Fryer - Deep Fat 
Fugitive Emission Sources at Natural Gas Plants and Oil and Gas Production Fields 
Fugitive Emission Sources at Organic Liquid Bulk Loading Facilities 
Fugitive Emission Sources, Other facilities 
Fuming Sulfuric Acid Storage Tank (see Storage Tank – Fuming Sulfuric Acid) 


G 
Galvanizing Furnace - Batch Operations 
Galvanizing Furnace - Continuous Sheet Metal Operations 
Galvanizing Furnace - Continuous Wire Operations 
Garnetting Equipment 
Gas Turbine – Combined Cycle/Cogeneration 
Gas Turbine - Emergency 
Gas Turbine - Landfill or Digester Gas Fired 
Gas Turbine – Simple Cycle 
Glass Melting Furnace - Container Manufacturing 
Glass Melting Furnace - Decorator Glass 
Glass Melting Furnace - Flat Glass 
Graphic Arts (see Printing) 
Green Petroleum Coke Handling (see Bulk Solid Material Handling) 
Green Petroleum Coke Truck Loading or Unloading (see Bulk Solid Material Handling) 


H 
Hatches (see Fugitive Emission Sources) 
Hazardous Waste Incineration (see Incinerator – Hazardous Waste) 
Heater (see Process Heater) 


I 
I.C. Engine - Emergency, Compression Ignition 
I.C. Engine - Emergency, Spark Ignition 
I.C. Engine - Fire Pump 
I.C. Engine - Portable, Compression Ignition 
I.C. Engine - Portable, Spark Ignition 
I.C. Engine - Stationary, Non-Emergency 
I.C. Engine - Landfill or Digester Gas Fired 
Incinerator – Hazardous Waste 
Incinerator - Infectious Waste 
Incinerator  Non-Infectious, Non-Hazardous Waste 
Ink Jet Printing 
Iron Melting Furnace - Cupola 
Iron Melting Furnace - Induction 
Iron Melting Furnace - Reverberatory 


J 
Jet Engine Test Facility - Experimental Jet Engine, High Altitude Testing 
Jet Engine Test Facility - Experimental Jet Engine, Sea Level (Low Altitude) Testing 
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Jet Engine Test Facility - Jet engine Performance Testing 


L 
Laminator with Corona Transfer 
Landfill Gas Gathering System 
Latex Manufacturing - Reaction 
Lead Melting Furnace - Cupola, Secondary Melting Operations 
Lead Melting Furnace - Pot or Crucible, Non-Refining Operations 
Lead Melting Furnace - Pot or Crucible, Refining Operations 
Lead Melting Furnace - Reverberatory, Secondary Melting Operations 
Lead Oxide Manufacturing - Reaction Pot Barton Process 
Letterpress Printing (see Printing) 
Liquid Transfer and Handling - Container Filling 
Liquid Transfer and Handling - Marine, Loading 
Liquid Transfer and Handling - Marine, Unloading 
Liquid Transfer and Handling - Tank Truck and Rail Car Bulk Loading, Class A 


(SCAQMD’s Rule 462) 
Liquid Transfer and Handling - Tank Truck and Rail Car Bulk Loading, Class B 


(SCAQMD’s Rule 462) 
Liquid Transfer and Handling - Tank Truck and Rail Car Bulk Loading, Class C 


(SCAQMD’s Rule 462) 
Lithographic Printing  Heatset (see Printing) 
Lithographic Printing - Non-Heatset (see Printing) 


M 
Meat Broiler and Barbecue Oven 
Metal Forging Furnace 
Metal Heating Furnace 
Metallizing Spray Gun 
Meters (see Fugitive Emission Sources) 
Mixer or Blender - Wet 
Mixer, Blender, or Mill - Dry 


N 
Natural Fertilizer Handling (see Bulk Solid Material Handling) 
Natural Gas Plants (see Fugitive Emission Sources) 
Nitric Acid Manufacturing 
Non-Metallic Mineral Processing - Except Rock and Aggregate 
Nut Roasting - Handling Equipment 
Nut Roasting 


O 
Offset Printing (see Lithographic Printing) 
Oil and Gas Production - Combined Tankage 
Oil and Gas Production - Wellhead 
Oil and Gas Production Fields (see Fugitive Emission Sources) 
Oil/Water Separator (see Wastewater System) 
Open Spraying - Spray Gun 
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Open-ended Valves or Lines (see Fugitive Emission Sources) 
Organic Liquid Bulk Loading Facilities (see Fugitive Emission Sources) 
Oven (see Dryer or Oven) 


P 
Paper and Fiber Handling (see Bulk Solid Material Handling) 
Perlite Manufacturing System 
Petroleum Coke Calciner (see Calciner – Petroleum Coke) 
Pharmaceutical Manufacturing 
Pharmaceutical - Operations Involving Solvents 
Phosphoric Acid - Thermal Process 
Phthalic Anhydride 
Pipe – Open Ended (see Fugitive Emission Sources) 
Plasma Arc Metal Cutting Torch, Electrical Input Rating 
Plastic or Resin Extrusion 
Pneumatic Conveying - Except Paper and Fibers (see Bulk Solid Material Handling) 
Polyester Resin Operations - Molding and Casting 
Polyester Resin Operations – Fiberglass Fabrication, Hand and Spray Layup 
Polyester Resin Operations – Fiberglass Fabrication, Panel Manufacturing 
Polyester Resin Operations – Fiberglass Fabrication, Pultrusion 
Polyethylene Manufacturing (see Resin Manufacturing) 
Polymeric Cellular (Foam) Product Manufacturing 
Polypropylene Manufacturing (see Resin Manufacturing) 
Polystyrene Extrusion (see Plastic or Resin Extrusion) 
Polystyrene Foam Product Manufacturing (see Polymeric Cellular [Foam] Product 


Manufacturing) 
Polystyrene Foam Product Manufacturing, Using Blowing Agent (see Polymeric Cellular 


[Foam] Product Manufacturing) 
Polystyrene Manufacturing (see Resin Manufacturing) 
Polyurethane Tube Mfg. 
Powder Coating Booth 
Precious Metal Reclamation - Incineration 
Precious Metals Recovery - Chemical Recovery and Chemical Reactions 
Pressure Relief Valve (see Fugitive Emission Sources) 
Printing (Graphic Arts) – Flexographic 
Printing (Graphic Arts) – Letterpress 
Printing (Graphic Arts) – Lithographic, Heatset 
Printing (Graphic Arts) – Lithographic, Non-Heatset 
Printing (Graphic Arts) – Rotogravure or Gravure – Publication and Packaging 
Printing (Graphic Arts) – Screen Printing and Drying 
Process Drains (see Wastewater System) 
Process Heater – Non-Refinery 
Process Heater - Refinery 
Process Valves (see Fugitive Emission Sources) 
Pultrusion (see Polyester Resin Operations) 
Pumps (see Fugitive Emission Sources) 


R 
Railcar Dumper (see Bulk Solid Material Handling) 
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Railcar Loading/Unloading, Liquid (see Liquid Transfer and Handling) 
Reactor with Atmospheric Vent 
Rendering - Crax Pressing, filtering and Centrifuging Operations 
Rendering - Evaporators, Cookers and Dryers 
Rendering - Grease and Blood Processing 
Rendering - Metal Grinding and Handling System 
Rendering - Tanks and Miscellaneous Equipment 
Resin Manufacturing 
Rock - Aggregate Processing 
Rocket Engine Test Cell 
Rolling Mill 
Rotogravure Printing - Publication and Packaging (see Printing) 
Rubber Compounding - Banbury Type Mixer 
Rubber Compounding – Roll Mill 


S 
Sampling Connections (see Fugitive Emission Sources) 
Sand Handling System with Shakeout and/or Muller in System 
Screen Printing and Drying (see Printing) 
Sewage Treatment Plants 
Sight Glass (see Fugitive Emission Sources) 
Silo (see Bulk Solid Material Storage) 
Smokehouse 
Solder Leveling - Hot Oil or Hot Air 
Solid Material Handling –(see Bulk Solid Material Handling) 
Solid Material Storage –(see Bulk Solid Material Storage) 
Solid Material Unloading - Railcar Dumper (see Bulk Solid Material Handling) 
Solids Handling  Catalyst (see Catalyst Manufacturing and Regeneration) 
Solids Handling  Pharmaceutical (see Pharmaceutical Manufacturing) 
Solvent Reclamation 
Spray Booth 
Steam Generator - Oil field 
Steel Melting Furnace - Basic Oxygen Process 
Steel Melting Furnace - Electric Arc 
Steel Melting Furnace - Induction 
Steel Melting Furnace - Open Hearth 
Storage Tank (see also Bulk Solid Material Storage) 
Storage Tank - External Floating Roof, and VP <= 11 psia 
Storage Tank - Fixed Roof 
Storage Tank - Fuming Sulfuric Acid 
Storage Tank - Grease or Tallow StorageStorage Tank - Internal Floating Roof 
Storage Tank – Liquid 
Storage Tank - Spent Sulfuric Acid 
Storage Tank  Underground 
Sulfur Handling and Storage (see Bulk Solid Material Handling and Bulk Solid Material 


Storage) 
Sulfur Pelletizing and Prilling 
Sulfur Recovery Plant 
Sulfuric Acid Storage (see Storage Tank – Liquid) 
Surfactant Manufacturing 
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T 
Tank Degassing 
Tank - Grease or Tallow Processing 
Tank Truck Loading/Unloading (see Liquid Transfer and Handling) 
Tire Buffer 
Tunnel Washer 


V 
Vegetable Oil Purification 
Vinegar Manufacturing 


W 
Wastewater System 
Wastewater System – Air Stripper 
Wastewater System – Oil/Water Separator 
Wastewater System - Sour Water Stripping 
Wax Burnoff Furnace 
Wet Material Handling (see Bulk Solid Material Handling) 
Wood Processing Equipment 
Woodworking 


Z 
Zinc Melting Furnace - Crucible or Pot 
Zinc Melting Furnace - Reverberatory, Non-Sweating Operations 
Zinc Melting Furnace - Reverberatory, Sweating Operations 
Zinc Melting Furnace - Rotary, Sweating Operations 
































































































































































































































































NOTE: Draft determinations are marked with a " * " beside the RBLC ID. 


               Required fields are denoted by "+".  


 
Report Date: 05/05/2010            Control Technology Determinations (Freeform) 


Facility Information: DAYTON POWER AND LIGHT COMPANY 


RBLC ID: OH-0253


+Corporate/Company


Name: DAYTON POWER AND LIGHT COMPANY


+Facility Name: DAYTON POWER AND LIGHT COMPANY


Facility County: MONTGOMERY


Facility State: OH


Facility ZIP Code: 45342


Facility Country: USA


Facility Contact Name: ROBERT KELLER


Facility Contact Phone:


Facility Contact Email:


EPA Region: 5


Agency Code: OH001


Agency Name: OHIO ENVIRONMENTAL PROTECTION AGENCY


Agency Contact: MS. CHERYL SUTTMAN 


Agency Phone: (614)644-3617 


Agency Email: CHERYL.SUTTMAN@EPA.STATE.OH.US 


Other Agency Contact


Info:


CHERYL E. SUTTMAN 


122 S. FRONT ST.


COLUMBUS, OH 43215


614-644-3617


+Permit Number: 08-04380


+SIC Code: 4911


NAICS Code: 221112


Facility Registry System


Number: 110000394145


Application Accepted


Received Date: 01/01/1997 EST


Permit Issuance Date: 06/04/2002 ACT


Date determination


entered in RBLC: 04/09/2003


Date determination last


updated: 06/16/2003


Permit Type: Both B: (Add new process to existing facility) &C: (Modify process at


existing facility) 


Permit URL:


Facility Description: 3 NATURAL GAS SIMPLE CYCLE TURBINES, WITH FUEL OIL


BACKUP; THREE 600,000 GALLON FUEL OIL TANKS


Permit Notes: 3 Natural Gas simple cycle turbines, with fuel oil backup. This is a


Previous Page







Permit Notes: 3 Natural Gas simple cycle turbines, with fuel oil backup. This is a


modification. At the time of modification the 3rd unit was not completely


installed so DLN was added as additional control for the last unit. Dates


are for last modification; orignal permit was PTI #08-02507


   


Affected Boundaries: DAYTON POWER AND LIGHT COMPANY 


   


Facility-wide Emissions: DAYTON POWER AND LIGHT COMPANY 


+Pollutant Name: Carbon Monoxide


Facility-wide Emissions


Increase: 160.8000 (Tons/Year)


+Pollutant Name: Nitrogen Oxides (NOx)


Facility-wide Emissions


Increase: 374.0000 (Tons/Year)


+Pollutant Name: Particulate Matter (PM)


Facility-wide Emissions


Increase: 46.5000 (Tons/Year)


+Pollutant Name: Sulfur Oxides (SOx)


Facility-wide Emissions


Increase: 37.2000 (Tons/Year)


+Pollutant Name: Volatile Organic Compounds (VOC)


Facility-wide Emissions


Increase: 47.4000 (Tons/Year)


Process Information: DAYTON POWER AND LIGHT COMPANY 


+Process Name: COMBUSTION TURBINES (2), SIMPLE CYCLE


+Process Type: 15.110


Primary Fuel: NATURAL GAS


Throughput: 1115.00


Throughput Unit: MMBTU/H


Process Notes: (2) 80 MW Turbines with water injection.


   


Pollutant Information: DAYTON POWER AND LIGHT COMPANY - COMBUSTION


TURBINES (2), SIMPLE CYCLE 


+Pollutant Name Visible Emissions (VE)


Pollutant Group(s):


+CAS Number: VE


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000







Emission Limit 1 Unit: % OPACITY


Emission Limit 1 Avg.


Time/Condition: as a six minute average


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 10.0000


Standard Emission


Limit Unit: % OPACITY


Standard Limit Avg.


Time/Condition: as a six minute average


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Limits for each turbine. 


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 1700.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition: 30 day average


Emission Limit 2: 160.8000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition: Rolling 365 day average


Standard Emission


Limit: 618.0000







Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition: calculated


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


Lb/h limits are for each turbine, t/yr limit is for all 3 turbines, combined.


The standardized limit is calculated using the CO lb/h limit, and NOx


limits. A ppm limit for CO is not included in the permit.


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 8.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0.0072


Emission Limit 2 Unit: LB/MMBTU


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then







Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


Limits are for each turbine. Annual limit 15.5 T/YR. T/YR limit is for all


3 turbines, combined. 


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: LOW S FUEL


Emission Limit 1: 0.0006


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 30.8600


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:







Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: T/YR limit is for all turbines combined. 


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 15.0000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: T/YR limit is for all 3 turbines, combined. 


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 







+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: WATER INJECTION


Emission Limit 1: 113.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 132.0000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 25.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness: 8,122 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 1993


Pollutants/Compliance


Notes:


Limits are for two turbines, B001 and B002. Cost analysis is for 1 system.


T/YR limit is for all 3 turbines, combined. 


   


Process Information: DAYTON POWER AND LIGHT COMPANY 


+Process Name: COMBUSTION TURBINES (2), SIMPLE CYCLE


+Process Type: 15.190


Primary Fuel: FUEL OIL


Throughput: 1115.00


Throughput Unit: MMBTU/H


Process Notes: (2) 80 MW combustion turbines with water injection. Fuel oil used as


backup.


   







Pollutant Information: DAYTON POWER AND LIGHT COMPANY - COMBUSTION


TURBINES (2), SIMPLE CYCLE 


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: WATER INJECTION


Emission Limit 1: 195.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 132.0000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition: Rolling 365 day average


Standard Emission


Limit: 42.0000


Standard Emission


Limit Unit: PPM @ 15 % O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 8,122 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 1993


Pollutants/Compliance


Notes:


Limits for each turbine. Cost analysis for one system. T/YR limit is for all


three turbines, combined.


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified







+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 15.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0.0130


Emission Limit 2 Unit: LB/MMBTU


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


Limits for each turbine. Annual limit 15.5 T/YR. T/YR limit is for all


three turbines, combined.


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: LOW S FUEL


Emission Limit 1: 0.0550


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 30.8600


Emission Limit 2 Unit: T/YR







Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: T/YR limit for all turbines combined.


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 15.0000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD







Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Limits for each turbine. T/YR limit is for all three turbines, combined.


   


+Pollutant Name Visible Emissions (VE)


Pollutant Group(s):


+CAS Number: VE


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: % OPACITY


Emission Limit 1 Avg.


Time/Condition: as a six minute average


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 10.0000


Standard Emission


Limit Unit: % OPACITY


Standard Limit Avg.


Time/Condition: as a six minute average


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:







Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Limits for each turbine.


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 350.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition: 30 day avg


Emission Limit 2: 160.8000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition: 365 day rolling avg


Standard Emission


Limit: 123.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition: calculated


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


Lb/h limits are for each turbine, t/yr limit is for all 3 turbines, combined.


The standardized limit is calculated using the CO lb/h limit, and NOx


limits. A ppm limit for CO is not included in the permit.


   







Process Information: DAYTON POWER AND LIGHT COMPANY 


+Process Name: COMBUSTION TURBINE (1), SIMPLE CYCLE


+Process Type: 15.110


Primary Fuel: NATURAL GAS


Throughput: 1115.00


Throughput Unit: MMBTU/H


Process Notes: (1) 80 MW COMBUSTION TURBINE WITH WATER INJECTION


AND DRY LOW NOX COMBUSTORS (DLN).


   


Pollutant Information: DAYTON POWER AND LIGHT COMPANY - COMBUSTION TURBINE


(1), SIMPLE CYCLE 


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 15.0000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No







Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Limits for one turbine. T/YR limit is for all three turbines, combined.


   


+Pollutant Name Visible Emissions (VE)


Pollutant Group(s):


+CAS Number: VE


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: % OPACITY


Emission Limit 1 Avg.


Time/Condition: as a six minute averge


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 10.0000


Standard Emission


Limit Unit: % OPACITY


Standard Limit Avg.


Time/Condition: as a six minute average


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified







+Control Method Code: P


+Control Method


Description: LOW SULFUR FUEL


Emission Limit 1: 0.0006


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 30.8600


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: T/YR limit is for all turbines combined.


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 8.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0.0072


Emission Limit 2 Unit: LB/MMBTU







Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


TURBINE'S ANNUAL LIMIT 15.5 T/YR. T/YR limit is for all three


turbines, combined.


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: WATER INJECTION AND DRY LOW NOX COMBUSTORS


Emission Limit 1: 62.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition: each


Emission Limit 2: 110.0000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition: each - 365 day rolling avg


Standard Emission


Limit: 15.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:







+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: T/YR limit is for all three turbines, combined.


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 301.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 160.8000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition: 365 day rolling avg - facility limit


Standard Emission


Limit: 120.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition: calculated


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 







Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


Lb/h limits are for each turbine, t/yr limit is for all 3 turbines, combined.


The standardized limit is calculated using the CO lb/h limit, and NOx


limits. A ppm limit for CO is not included in the permit.


   


Process Information: DAYTON POWER AND LIGHT COMPANY 


+Process Name: COMBUSTION TURBINE (1), SIMPLE CYCLE


+Process Type: 15.190


Primary Fuel: FUEL OIL


Throughput: 1115.00


Throughput Unit: MMBTU/H


Process Notes: (1) 80 MW COMBUSTION TURBINE, FUEL OIL USED AS BACKUP


FUEL.


   


Pollutant Information: DAYTON POWER AND LIGHT COMPANY - COMBUSTION TURBINE


(1), SIMPLE CYCLE 


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 15.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0.0130


Emission Limit 2 Unit: LB/MMBTU


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:







Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Annual Limit 15.5 T/YR. T/YR limit is for all three turbines, combined.


   


+Pollutant Name Visible Emissions (VE)


Pollutant Group(s):


+CAS Number: VE


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: % OPACITY


Emission Limit 1 Avg.


Time/Condition: as a six minute average


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 10.0000


Standard Emission


Limit Unit: % OPACITY


Standard Limit Avg.


Time/Condition: as a six minute average


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:







Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 800.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 160.8000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition: 365 DAY ROLLING AVERAGE


Standard Emission


Limit: 283.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition: calculated


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


Lb/h limits are for each turbine, t/yr limit is for all 3 turbines, combined.


The standardized limit is calculated using the CO lb/h limit, and NOx


limits. A ppm limit for CO is not included in the permit.


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 







+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: LOW SULFUR FUEL


Emission Limit 1: 0.0550


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 30.8600


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: T/YR limit for all turbines. 


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:







Emission Limit 2: 15.0000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: T/YR limit is for all three turbines, combined.


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: WATER INJECTION AND DRY LOW NOX BURNERS


Emission Limit 1: 195.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 110.0000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition: 365 DAY ROLLING AVERAGE


Standard Emission


Limit: 42.0000


Standard Emission


Limit Unit: PPM @ 15% O2







Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: T/YR limit is for all three turbines, combined.
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ABSTRACT 


This report documents the results of a study conducted under the 
National Acid Precipitation Assessment Program by the U.S. Environmental 
Protection Agency's Air and Energy Engineering Research Laboratory. The 
objective of this research program was to significantly improve engineering 
cost estimates currently being used ,to evaluate the economic effects of 
applying sulfur dioxide and nitrogen oxides controls at 200 large sulfur 
dioxide emitting coal-fired utility plants. To accomplish the objective, 
procedures were developed and used that account for site-specific retrofit 
factors. The site-specific information was obtained from aerial 
photographs, generally available data bases, and input from utility 
companies. Cost estimates are presented for the following control 
technologies: lime/limestone flue gas desulfurization, lime spray drying, 
coal switching and cleaning, furnace and duct sorbent injection, low NOx 
combustion or natural gas reburn, and selective catalytic reduction. 
Although the cost estimates provide useful site-specific cost information on 
retrofitting acid gas controls, the costs are estimated for a specific time 
period and do not reflect future changes in boiler and coal characteristics 
(e.g., capacity factors and fuel prices) or significant changes in control 
technology cost and performance. 


NOTICE 


This document'has been reviewed in accordance with 
U.S. Environmental Protection Agency policy and 
approved for publication. Mention of trade names 
or commercial products does not constitute endorse
ment or recommendation for use. 
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1.0 INTRODUCTION AND SUMMARY 


The National Acid Precipitation Assessment Program (NAPAP) is 
responsible for developing cost and performance information on various 
methods for reducing the emissions of acid rain precursors. Coal-fired 
utility boilers are major emitters of sulfur dioxide (S02) and nitrogen 
oxides (NOx)' However, estimating the cost and performance of S02 and NOx 
controls for coal-fired power plants is difficult due to differences in 
plant layout and boiler design. 


The objective of this study was to significantly improve the accuracy 
of engineering cost estimates used to evaluate the economic effects of 
applying S02 and NOx controls at 200 large S02-emitting coal-fired utility 
plants. This project was conducted in several phases as shown in 
Figure 1-1. In Phase I, detailed, site-specific procedures were developed 
with input from the technical advisory committee. In Phase II, these 
procedures were used to evaluate retrofit costs at 12 plants based on data 
collected from site visits. Based on the results of this effort, simplified 
procedures were developed to estimate site-specific costs without conducting 
site visits. In Phase III, the simplified procedures were vefified or 
modified based on utility input by visiting six of the 50 plants. The 
modified procedures were then used to estimate retrofit costs at the 
remalnlng 138 plants. In Phase IV, utility comments were incorporated into 
the final 200-plant study report. 


This report presents the cost estimates developed for 631 out of 662 
boilers in 200 plants using the simplified procedures. Costs were not 
developed for 31 boilers because they were either burning fuels other than 
coal or they were new boilers with S02 and NOx controls already installed. 
The commercial and developmental S02 and NOx control technologies evaluated 
in the study are listed in Table 1-1. The detailed cost estimates developed 
for 55 boilers in the 12 plants evaluated using the detailed procedures are 
presented in another report. (1) The cost results for all the boilers 
evaluated in this report are included in a database file for further study 
and evaluation. 


1-1 







PHASE I 


Develop Detailed ~ 
Procedures 


~-----------1 . 


1, 
PHASE II 


Select 12 Plants and 


Develop Costl 
Performance Estimates 


Revise Procedures and 
Cost Estimates and 


Develop Simplified 


Procedures 


'r 
PHASE III 


Evaluate 50 Plants 


Verify Simplified 


Procedures with Visits 
to 6 Plants 


Modify Procedures and 
Evaluate Remaining 138 


Plants 


,-
PHASE IV 


Finalize 200 Plant 
Study Report 


--


TECHNICAL ADVISORY 


COMMITTEE 


- EPRI 
-EPA 


-DOE 
- Utility Air Regulatory 


Group 
-TVA 
- Natural Resource 


Defense Council 
- Vendors 


UTILITY COMPANIES 


- Ohio Edison 
- American Electric Power 
- Ohio Electric Utility 


Institute 
-TVA 
- Kentucky Utilities 
- Union Electric 
- Cincinnati Gas &. Electric 


200 Plant 


Utility Companies 


Figure 1-1. 200 Plant study technical approach. 
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TABLE ,-,. EMISSION CONTROL TECHNOLOGIES SELECTED 


Develoemen't Status 
Ongoing Or 


L imi ted Near 
Seecies Controlled Commercial Commercial 
S02 NO Commercial Experience Demonstration x 


Limellimestone (L/LS) flue X X 
gas desulfurization (FGD) 


Additive enhanced LILS FGD X X 


Lime spray drying (LSD) FGD a 
X X X 


Physical coal cleaning (PCC) X X 


Coal switching and bLending (CS/B) X X 


Low-NO x combustion (LNC) X X 


Furnace sorbent injection (FSI) X X 
with humidification 


Duct spray drying (DSD) X X 


Natural gas reburning (NGR)c x- x X 


Selective cataLytic reduction (SCR) X X 


Fluidized bed combustion (FBC) d X X X 
or coaL gasification (CG) retrofit 


aCommercial for low sulfur coals. demonstrated at pilot scale for high sulfur coals. 
bFSI is an equipment designation for limestone injection multistage burners (LIMB). 
:For wet bottom boilers and other boilers where LNC is not appLicable. 


Evaluated qualitatively as combined life extension and S02/NOx controL option. No costs were developed. 







1.1 METHODOLOGY 


For each plant, a boiler profile was completed using sources of public 
information, the primary source being the Energy Information Administration 
(EIA) Form 767. Additionally, boiler design data were obtained from 
Powerplants Database (2) and aerial photographs were obtained from state and 
federal agencies. The plant and boiler profile information is used to 
develop the input data for the performance and cost models. The performance 
and cost results incorporate recommendations from utility companies and a 
technical advisory group. The advisory group included utility industry, 
flue gas desulfurization (FGD) vendor, and government agency 
representatives. 


All of the cost estimates were developed using the Integrated Ai r 
Pollution Control System (IAPCS) cost model (3). The IAPes model was 
upgraded to include all of the technologies being evaluated in this program. 
All of the cost estimates were developed using the integrated technologies 
evaluated in this program. Evaluated qualitatively without cost estimates 
were life extension using fluidized bed combustion and coal gasification 
combined cycle. 


Figure 1-2 presents the methodology used to develop IAPes inputs to 
estimate site-specific costs of retrofitting S02 and NOx controls. The 
site-specific information sources were used to develop process area retrofit 
multipliers, scope adder costs, and boiler and coal parameters. This 
information was input to the rAPes cost model that generated the capital, 
operating and maintenance (O&M), and levelized annual costs of control and 
the emission reductions. The use of process area retrofit difficulty 
multipliers and scope adder costs to adjust generic cost model outputs to 
reflect site-specific retrofit situations was derived from an Electric Power 
Research Institute (EPRI) report (4). A more detailed discussion of the 
procedures used to develop the cost model inputs is provided in Section 2. 


Table 1-2 summarizes the economic bases used to develop the cost 
estimates. The following section summarizes the cost model inputs provided 
in Section 2. 
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Site Specl'flc Information Sources 


Aerial Energy Information Administration - Form 767 Utility Comments and 


Photographs Boller /Coal Characteristics Other Data Sources 


" 'r~" 
Retrofit Factors Scope Adder Costs Boller /Coal Parameters 


Access/Congestion Wet to Dry A,sh System Boller Characteristics 


Soil and Underground Chimney or LIner Coal Characteristics 
Flue Gas Ductlng Particulate Matter Controls Capacity Factor 
General Facilities PM Control Type/Size 


Regional Cost Factors Flue Gas Temperature 


~ / 
Multiplier 


'" 
Dollars Direct Inputs 


Cost Model Inputs 


Integrated Air Pollution Control System 


Cost Model Outputs 


Capital Costs 0 & M Costs Annualized Costs Emission Reduction 


Figure 1-2. Site-specific cost estimation methodology. 
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TABLE 1-2. ECONOMIC BASES USED TO DEVELOP THE COST ESTIMATES 


Item January 1985 Value 


Operating 1 abor 19.7 $/person labor 
Water 0.60 $/1000 gal 
Lime 65 $/ton 
Limestone 15 $/ton 
Land 6,500 $/acre 
Waste disposal 9.25 $/ton 
Electric power 0.05 $/kWh 
Catalyst cost 20,290 $/ton 


Levelization factors Current dollars a Constant,dollarsb 


Operating and maintenance 1.75 1.0 
Carrying charges 17.5% 10.5% 


a Book life - 30 years; Tax life - 20 years; Depreciation method -
Straight line; and Discount rate - 12.5% based on a 6% escalation 
for inflation. 


b Book life - 30 years; Tax life - 20 years; Depreciation method -
Straight line; and Discount rate - 6.1%. 


Note: It is EPA policy to use metric units. English units are used 
in this report because they are familiar to readers. Metric 
conversion factors are given on page lxxi i. 
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1.2 SUMMARY OF COST RESULTS 


This section summarizes the site-specific control cost estimates 
developed for each boiler evaluated. The number of boilers varied for each 
control technology for reasons discussed under each control technology 
summary. For example, low NOx burners were not evaluated on cyclone-fired 
boilers because this technology is not being developed for cyclone boilers 
(slagging combustors were not addressed under this study). For cyclone 
boilers and other wet bottom boilers, natural gas reburning (NGR) was 
evaluated for NOx control. 


For each control technology, the following three figures are presented: 
Capital costs (dollars/kilowatt), levelized annual costs (mills/kilowatt 
hour), and cost per ton of acid gas removed (dollars/ton) each plotted 
versus the sum of megawatts. The x-axis (sum of megawatts) is the 
cumulative sum of the boiler size sorted in order from the lowest to the 
highest cost to control. Also indentified on each curve are the 25, 50, and 
75 sum of megawatt percent points for the boilers included in the figure. 
Each point on the curve represents a specific boiler cost result. The first 
point represents the boiler that had the lowest capital cost and unit cost. 
The last point represents the boiler that had the highest cost. The curves 
turn up sharply because each curve was developed starting with the boiler 
having the lowest control cost and ending with the boiler having the highest 
control cost. The cost results do not represent the average or cumulative 
cost of control. 


Each utility section in this repoit was sent to the appropriate utility 
for review concerning the plant information. Costs developed in this report 
are based on the general assumptions outlined in Section 2 and may not 
represent a particular utility company's economic guidelines. The cost 
results are static (not dynamic) and represent a single year in the 
1986-1989 period with regard to capacity factor, coal sulfur, and pollution 
control characteristics. 


1.2.1 FGO Cost Estimates 


Figures 1-3 through 1-5 summarize the cost estimates developed" for wet 
1 ime/l imestone (L/LS) FGO with adipic acid additive for 449 boilers. Two 
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Figure 1-3. Summary of capital cost results for lime/limestone 
flue gas desulfurization. 
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Figure 1-5. Summary of cost per ton of S02 removed results 
for lime/limestone flue gas desulfurization. 


1-9 







FGD configurations were evaluated: a conventional New Source Performance 
Standard (NSPS) design having a single system for each boiler, small 
absorber size, and one spare absorber; and a low-cost design that does not 
have a spare absorber, and combined boiler systems when feasible. The 
target S02 removal efficiency was 90 percent. 


Cost estimates for FGD were developed only for 449 of 631 boilers 
because 46 boilers were already equipped with FGD systems, 130 boilers were 
burning low sulfur coals (many are 1971 NSPS units), and 6 boilers were too 
small or already retired. The percent increase in capital cost for 
retrofitting an FGD system over a typical new plant installation ranged from 
19 to over 100 percent, with the average being 45 percent. The levelized 
annual cost of control (mills/kilowatt hour) is also strongly influenced by 
the system size and design (e.g., percent reduction required or conventional 
versus low-cost configuration design), and operation (capacity factor and 
sorbent/waste disposal costs). 


Figures 1-6 through 1-8 summarize the cost estimates for lime spray 
drying (LSD) for all the boilers for which costs were developed. Two 
control options were considered for the retrofit of this technology: reuse 
of the existing electrostatic precipitator (ESP) or installation of a new 
fabric filter (FF). Reuse of the existing ESP was not considered for the 
following boiler situations: 


• when the specific collection area (SCA) of the existing ESP was 
small, <43.3 m2/actual m3-sec or 220 ft 2/1000 actual cubic feet 
per minute (acfm), and 


• when the addition of new plate area was impractical (e.g., roof-
mounted ESPs). 


In such cases, a new FF was used for particulate control with the spray 
drying system. However, if a unit is burning high sulfur coal, use of a new 
FF was not considered. Based on the cited criteria, 168 boilers were' 
considered with a new FF option, and 195 boilers were considered with reuse 
of the existing ESPs. The cost of retrofitting new FFs results in a high 
retrofit difficulty factor and a high cost of control. 
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Figure 1-6. Summary of capital cost results for 
lime spray drying. 
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Figure 1-7. Summary of annual cost results for 
lime spray drying. 
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Figure 1-8. Summary of cost per ton of S02 removed results 
for lime spray drying. 
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1.2.2 Coal Switching and Cleaning 


For coal switching (CS), two fuel price differentials (FPOs) were 
evaluated: SS/ton and SIS/ton. The SS to SIS/ton FPO was assumed to 
represent an estimated range for switching to a low sulfur coal. 


Figures 1-9 through 1-11 summarize the costs for 329 boilers in the 
200 plants for which costs were developed for CS. The cost estimates for CS 
are based on SS and SIS/ton FPO. CS was not considered for some units 
because either the units already burn a low sulfur coal or the units have 
wet bottom boilers that can burn only coals with special ash fusion 
properties. The CS cost estimates are highly dependent upon the FPO. The 
impacts of particulate control upgrades and coal handling upgrades are 
generally small by comparison. 


Figures 1-12 through 1-14 summarize the plant cost of physical coal 
cleaning (PCC). Of 631 boilers, only 32 were evaluated for PCC because the 
coal already is extensively cleaned or the plant is not located at a mine 
mouth. 


1.2.3 Sorbent Injection Cost and Performance Estimates 


Two sorbent injection technologies in active research and development 
were evaluated in this study: furnace sorbent injection (FSI) with 
humidification and duct spray drying (OSO). Figures 1-15 through 1-20 
summarize the cost estimates developed for these technologies. Some boilers 
were not considered good candidates for these technologies for the following 
reasons: 


• FSI and esc were not considered practical for boilers having an 
ESP SCA < 220 ft 2/1000 acfm, and 


• OSD was not considered if the duct residence time from the 
injection point after the air heater to the ESP inlet was less 
than 2 sec «100 feet of duct length). 


Only 321 boilers were considered appropriate for DSO, and 289 were 
considered for FSI applications. The costs presented for FSI assume 50 and 
70 percent S02 control with humidification. 


1-13 







70 ,-----------------------,-----------------------------------, 


60 


• $15 FlEL ~ c.=FERENT1AL 
.... 55 FlEI.. PAICE DFi=EREtmAL 


1988 CONSTANT DOlLARS 


i 50 ~------------------------------------------~----~ 
.lII: 
"... ..... 


,.. 
.c 
3: 
.lII: 
"-
~ 
E ..... 
I-
en 
0 
U 
..J 
< 
:::l 
Z 
Z 
< 


17 


15 


. 15 


14 


13 


12 


11 


10 


9 


8 


7 


6 


5 


4 


3 


2 


• $16 FUEL PRICE DFFERENTlAL - .... $5 FUa PRICE OFFEREmlAL 
- 1988 CONSTANT DOLLARS 


- / 75 ... 01 Toiol MW 


25 ... of Tolll MW sa ... of ToIII MW 


~ / -
~ ~ 


"- " - -
- I 
- ... ~ .. ... -" 
-~ " '" ~ 


25 ... 01 Tolll MW 5 a '110 of ToIII MW 71'110 of Tolll MW 


o 
I I I , , , 


20,000 40,000 60,000 80,000 


SUMOFMW 


Figure 1-10. Summary of annual cost results for coal 
switching and blending. 
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Figure 1-11. Summary of cost per ton of SO 2 removed results 
for coal switching and blending. 
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Figure 1-12. Summary of capital cost results for 
physical coal cleaning. 
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Figure 1-13. Summary of annual cost results for 
physical coal cleaning. 
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Figure 1-14. Summary of cost per ton of SO 2 removed 
results for physical coal cleaning. 
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Figure 1-15. Summary of capital cost results for 
duct spray drying. 
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Figure 1-16. Summary of annual cost results for 
duct spray drying. 
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Figure 1-17. Summary of cost per ton of SO. removed results 
for duct spray drying, 
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Figure 1-18. Summary of capital cost results for 
furnace sarbent injection. 
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Figure 1-19. Summary of annual cost results for 
furnace sarbent injection. 
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Figure 1-20. Summary of cost per ton of SO. removed results 
for furnace sorbent injection. 
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1.2.4 Low NOx Combustion 


Figures 1-21 through 1-23 summarize cost estimates for application of 
low NOx burner (LNB) on dry bottom wall-fired boilers (20-55% NOx 
reduction), overfire air (OFA) on tangential-fired boilers (10-35% NOx 
reduction), and natural gas reburn (NGR) on cyclone boilers (60% NOx 
reduction). The unit costs of LNB and OFA are low «$300/ton of NOx 
removed). However, for boilers where NGR is applied, the unit costs are 
much higher ($400 to $lIOO/ton of NOx removed). This is due to the high 
cost of natural gas relative to coal (assumed to be a $2 per million 
Btu FPD in 1988 dollars). For this study, 228 boilers were candidates for 
LNB, 214 boilers for OFA, and 81 boilers for NGR. Some of the boilers were 
not considered for low NOx combustion technologies (LNC) because of the 
reservations of plant personnel regarding applicability of these 
technologies. 


1.2.5 Selective Catalytjc Reduct jon (SCR) Cost Estimates 


Figures 1-24 through 1-26 summarize the cost estimates for application 
of SCR. For most of the units, cold side, tail-end systems were assumed 
(the reactor downstream of particulate control or scrubbers). In some 
instances due to space availability limitations or the unit being equipped 
with a hot-side ESP, a hot side, high-dust system configuration was used 
(the reactor is placed between the economizer and the air heater). Use of 
the tail-end system minimizes unit downtime, which reduces the uncertainty 
of estimating the cost of replacement power, and maximizes the catalyst 
life. However, there is a significant energy penalty associated with flue 
gas reheating compared to a high-dust system (equivalent to a 1200 F reheat). 
This cost was not considered in this study because the current version of 
the IAPeS model is unable to estimate it. However, the cold side SCR 
requires 60 percent of the hot-side catalyst volume. Based on a one year 
catalyst life, the reheat and extra catalyst volume costs off set each 
other. For this study, 624 boilers were evaluated for SCR retrofit. 
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Figure 1-21. Summary of capital cost results for 
low NO X combustion, 
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Figure 1-23. Summary of cost per ton of NO x removed 
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Figure 1-24. Summary of capital cost results for 
selective catalytic reduction .. 
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Figure 1-25. Summary of annual cost results for 
selective catalytic reduction. 
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Figure 1-26. Summary of cost per ton of NO x removed results 
for selective catalytic reduction. 
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1.3 CONCLUSION 


For each of the S02 and NOx control technologies evaluated under this 
study, different factors affected control cost and performance estimates for 
retrofit applications at coal-fired boilers. Table 1-3 identifies those 
factors found to have the most significant effects. For the L/LS-FGO 
technologies, site access/congestion and flue gas ducting distances were 
major factors. For LSO-FGO, the need to add new particulate control was 
also a major consideration. 


For CS and PCC, the major retrofit factors, excluding FPO, were 
particulate control upgrade costs and boiler performance impacts. CS for 
wet bottom boilers and switching from a bituminous coal to a subbituminous 
coal were not evaluated because boiler performance impacts are likely to be 
significant. 


For the sorbent injection technologies, FSI and OSO, particulate 
control upgrade costs would have the greatest impact. Additionally, 
sufficient duct residence time must be available for OSO to guarantee good 
droplet drying. 


For the LNC and NGR technologies, boiler type and configuration are 
important factors. LNB was applied only to dry bottom, wall-fired boilers. 
OFA was applied only to tangential-fired units. NGR was applied to wet 
bottom boilers and other miscellaneous boiler types. Boiler heat release 
rates and residence times in different furnace zones would have significant 
effects on NOx removal efficiency for LNC and NGR technologies. 


SCR costs would be greatly affected by access and congestion near the 
economizer area for hot side applications. For the cold side applications, 
access and congestion near the chimney area and flue gas ducting distances 
greatly affect costs. For cold side systems, the energy penalty for flue 
gas reheat is balanced by increased catalyst life and reduced catalyst 
costs. For hot side systems, boiler downtime costs and catalyst life would 
be significant cost and performance factors. 


The cost and performance information presented is a realistic guide 
regarding the degree of retrofit difficulty for each control option 
evaluated. However, as noted in Table 1-1, the technologies evaluated in 
this study are at various stages of commercial development. There is a 
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TABLE 1-3. RETROFIT FACTORS AFFECTING COST/PERFORMANCE 


Additional 
Control Access and Ducting Particulate Boiler Boiler 


Technology Congestion Di st.ance Control Type Configuration 


Lime/Limestone X X 
Flue Gas 
Desulfurization 


Lime Spray X X X 
Drying 


Coal X X 
Switching/Blending 


Physical Coal X X 
Cleaning 


Furnace Sorbent X 
Injection 


Duct Spray X X 
Drying 


Low NO 
Combus~ion 


X 'X 


Natural Gas X X 
Reburning 


Selective X X X 
Catalytic 
Reduction 
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higher degree of uncertainty regarding the cost/performance for those 
technologies that do not have extensive commercial application in the United 
States. Therefore, no attempt has been made in this study to identify a 
best option for each plant/boiler. 


Additionally, a utility company's decision concerning which retrofit 
control to apply to a given boiler is very complex. A list of 
considerations used in making such a decision include the following: 


• system reduction target and degree of flexibility regarding means 
to achieve the target, 


• current and future load pattern for each boiler with or without 
controls, 


• cost of purchased power and planned new capacity, 


• cost of capital and current/future financial strength, and 


• public utility commission and state/regional regulatory agency 
attitudes. 


The data contained in this report can be used to facilitate selection of 
least-cost control options for specific plants/boilers for planning 
scenarios that address the above decision criteria. 


The cost results for all the technologies presented in this report are 
available in three DBase 111+ files and can be obtained through the National 
Technical Information Service (NTIS). Disks 1 and 2 are high density 
diskettes which contain the following: plant name, technology, boiler 
number, capacity in megawatts, capacity factor, removal efficiency for both 
S02 and NOx' tons of S02 removed per year~ tons of NOx removed per year, 
capital cost in dollars, annual cost in dollars, dollars per kilowatt, mills 
per kilowatt hour, dollars per ton of S02 removed and dollars per ton of NOx 
removed. Disk 1 is in current 1988 dollars and disk 2 is in constant 1988 
dollars. Disk 3 contains a third DBase file (200.DBF) with general plant, 
boiler and company information based on Department of Energy Form 767 data. 
It also contains an ASCII file (README.ASC) with a list of abbreviations 
used in all three database files. The cost result database can be used to 
estimate total costs and emissions for individual or combined control 
technologies for the 200 plants presented'in this report. 
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2.0 DESCRIPTION OF THE NEW SIMPLIFIED RETROFIT FACTOR 
AND COST ESTIMATION PROCEDURES 


This section describes the simplified procedures used in this study to 
estimate the cost and performance of retrofitting S02 and NOx controls on 
188 coal-fired power plants. An additional 12 plants were evaluated by 
detailed procedures in a previous study (1). The simplified procedures are 
a result of streamlining the more detailed procedures used in this previous 
study. The procedures adjust the Integrated Air Pollution Control System 
(IAPCS) (2) model algorithms for retrofit situations because the model cost 
algorithms do not reflect the cost and performance impacts of retrofitting 
controls. 


To adjust the IAPeS cost estimates, retrofit factors and scope adder 
costs were developed for each of the control technologies to reflect 
site-specific control costs. Additionally, for the LNC modifications, 
performance estimates were developed to account for non-ideal situations 
that will occur with the retrofit of these control technologies. 


The Electric Power Research Institute (EPRI) "Retrofit FGD 
Cost-Estimating Guidelines" report (3) was used to develop retrofit factors 
and scope adder costs for L/LS-FGD and LSD-FGD. To the extent possible, the 
information and methodology contained in the EPRI guidelines were used for 
the other technologies (excluding LNC technologies). Retrofit factors 
adjust cost model process area costs to reflect the cost impacts of: 


• site access and congestion, 


• soil conditions and underground obstructions, and 


• distances between process areas. 


Scope adder costs adjust cost model estimates by adding additional 
equipment costs due to retrofitting the control system that were not 
addressed in the cost model algorithms. Typical scope adder costs that are 
not included in the cost algorithms for new plant control systems or in 
retrofit control system base costs include: 


• chimney liner or new chimney, 


• boiler reinforcement or draft controls, 
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• demolition/relocation of existing facilities, 


• additional particulate control facilities, 


• conversion of wet ash handling systems to dry systems, 


• existing equipment modifications, and 


• air heater modifications/replacement. 


For many of the technologies, scope adder costs and retrofit factors 
were not applicable or had already been included in the cost algorithm 
assumptions. The applicability of these retrofit issues for .ach technology 
is briefly discussed for each specific technology. Table 2-1 summarizes the 
retrofit factors and scope adder costs that were addressed for each of the 
control technologies evaluated under the program. Section 2.1 describes the 
procedures used to develop the retrofit difficulty factors, scope adder 
costs, and performance estimates for lNC modifications. These values were 
then input to the rAPCS cost model. 


The retrofit of fluidized bed combustion (FBC) or coal gasification 
(CG) with gas turbine and reuse of the existing unit steam turbine was 
evaluated qualitatively. No cost estimates were developed because the 
application of these technologies is heavily weighted toward the economic 
benefits of life extension and heat rate improvements. The evaluation 
criteria used to qualitatively assess the potential for each boiler as a 
candidate for FBC or CG retrofit are also described in Section 2.1. 


Section 2.2 describes the IAPCS model application for each of the 
technologies evaluated. Section 2.3 describes the economic and financial 
assumptions used to develop the control technology cost estimates. 


2.1 RETROFIT FACTORS AND SCOPE ADDER COSTS 


This section explains the retrofit factor and scope adder costs 
development procedures in more detail. The procedures for all technologies 
were based primarily on the EPRI Retrofit FGD Cost Estimating 
Guidelines (3). Scope adder costs for conversion of wet ash handling 
systems to dry systems and existing equipment modifications (improvements to 
rail spurs and coal handling systems) were taken from other references and 
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TABLE 2-1. 
a 


RETROFIT COST AND PERFORMANCE INPUTS TO IAPCS MODEL 


Retrofit Factors Addressed Scoee Adder Costs Addressed 
Process Chimney Demolition Additional 


performange Access and. Underground Area or and Particulate 
Control Technology Estimates Congestion Obstructions Distance Liner Relocation Control 


Lime/Limestone Flue x x x x x 
Gas Desulfurization 


Lime Spray Drying x x x x x x x 


Coal Switching x 


Physical Coal x 
Cleaning 


Furnace Sorbent x x x 
Injection 


Duct Spray Drying x 
c 


x x x x 


Low NO Combustion 
x 


Natural Gas 
Reburning 


Selective Catalytic 
d 


x x x x x x 
Reduction 


a 
blAPCS = Integrated Air Pollution Control System (2). 


c 
d 


Made using procedures not included in IAPCS model. 
For particulate control retrofits. 
Additional particulate control may be required in some applications to prevent catalyst poisoning. 


Yet to 
Dry Ash 
Handling 


x 


x 


X 


x 







are not addressed in the EPRI procedures. Scope adder costs for particulate 
control system upgrades, flue gas humidification, and new particulate 
controls are based on IAPCS cost algorithms. 


Repowering of older boilers for combined life extension and S02/NOx 
control is handled qualitatively under this effort. Characteristics that 
could make a particular bOiler/turbine a good candidate for being replaced 
with FBC or CG technologies are briefly discussed. In this study, it was 
assumed that the existing steam turbine and most other plant facilities 
would be reused with the retrofit of FBC or CG. 


2.1.1 Lime/Limestone and Lime Spray Drying F1ye Gas Desu1furization 


This section describes the procedures used to estimate L/LS and LSD-FGD 
costs using simplified procedures developed from the 12-plant Ohio/Kentucky/ 
TVA study (1). The 12-p1ant study used with minor modification the detailed 
procedures found in EPRI Retrofit FGD Cost Estimating Guidelines Report (3). 
Detailed studies are expensive and time consuming due to the need for site 
visits to obtain the data needed to conduct the analysis. Therefore, the 
results of the 12-plant study were used to develop simpler procedures which 
used publicly available data (aerial photograph and Energy Information 
Agency 767 form). The simplified procedures were used to evaluate 50 plants 
from which 6 plants were visited and reevaluated using the detailed 
procedures. The results from the detailed and simplified procedures were 
compared and the differences were analyzed. Only minor adjustments were 
found to be required to make the simplified procedures more accurate. The 
results of this effort are documented in EPA report Verification of 
Simplified Procedures for Site-Specific S02 and NOx Control Cost 
Estimates (4). 


2.1.1.1 Description of Simplified Procedures--


The simplified retrofit factor estimating procedure is an eight-step 
process. To estimate retrofit factors for L/LS or LSD-FGD using these 
procedures, a plot plan and/or aerial photograph of the plant must be 
available. 
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A brief description of each of the FGD retrofit estimating procedure 
steps follows: 


Step 1: Identify on the plot plan or aerial photograph the best location 
for the absorbers/spray dryers. Select an access/congestion rank for that 
area using the EPRI guidelines summarized in Table 2-2 where 
base = 45 ft 2/MW, low = 35 ft 2/MW, medium = 30 ft 2/MW, and high = 25 ft 2/MW. 


Step 2: Estimate the flue gas ductwork tie-in inlet and outlet length. 
Select from one of the following duct-length classifications (in feet): 


a - 100 
100 - 300 
300 - 600 
600 - 1,000 


1,000 and greater 


Step 3: Assign an access/congestion rank (base, low, medium, or high) to 
the inlet and outlet ductwork using EPRI guidelines summarized in Table 2-2. 


Step 4: If a new chimney is added, estimate the flue gas ducting, select 
the duct length classification, and include the new chimney as a scope adder 
cost. If an existing chimney is reused, include the cost of a chimney liner 
as a scope adder cost. It is usually less expensive to install a new chimney 
if more than 400 feet of duct runs can be saved by not returning to the 
eXisting chimney. 


Step 5: If the existing ESP fly ash handling system is a wet sluice system, 
include the conversion of the wet system to a dry system as a scope adder 
cost. This conversion is necessary to stabilize the FGD sludge for the 
conventional L/LS-FGD case and to prevent plugging of the sluice lines in 
LSD with reuse of the existing ESP case. This conversion is not necessary 
for forced oxidation L/LS-FGD. The cost for converting the wet fly ash 
handling system to a dry ash handling system is based on an EPA study 
(5) and includes the addition of pneumatic conveying equipment and an ash 
silo. 
Step 6: For the LSD-FGD case, assign a particulate control access/ 
congestion factor for reuse of the existing ESP or new baghouse locations as 
presented in Table 2-2. 
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TABLE 2·2. SUMMARY OF THE GENERAL FACILITIES FACTORS AND ACCESS/CONGESTION GUIOELINES USEO IN THE EPRI RETROFIT 
FCD COST ESTIMATION GUIDELINES (3) 


Site Accessibility and Congestion 


a. BASE CASE· Interferences similar to new plant with adequate crew work space. Free access for large cranes 
and equipnent around boi ler and stack adequate for standard layout scrubbe'r equipnent. 


b. L~ CASE· Some above-ground interferences and limited work space. Access for large cranes limited to t~o 


sides; equipnent cannot be laid out in standard design. Some equipment must be on elevated slabs or located 
remotely. 


c. MEDIUM CASE· Limited space. Interference with existing structures or equipment that cannot be relocated. 
Special designs are necessary. Access for cranes limited to one side; majority of equipment on elevated 
slabs or remotely located. 


d. HIGH CASE· Severely limited space and access. Crowded working conditions. Access for large cranes blocked 
from all sides. 


General Facilities 


a. BASE CASE - Assume one road will have be be rerouted and necessary drainage will be considered~ The 
existing laboratory must be augmented. A warehouse structure must be constructed (use 5 percent). 


b. MEDIUM CASE· A major paved road will have to be built along with the necessary area drainage. A new 
laboratory, office building, and. warehouse must be constructed (use 10 percent). 


c. HIGH CASE· The utility will need to construct a complex road due to interferences with the FCD equipment. 
New laboratories, an office building, warehouse, and machine shops will be needed. The utility has 
purchased new land; the fence and roads for that arel will need to be developed (use 15 percent). 


Engineering and Home Office Fees 


a. BASE CASE· No major underground obstructions and adequate load·bearing soils in seismic zone 1 (use 10 
percent). 


b. MEDIUM CASE· Medium underground obstructions or law load-bearing sails in seismic ,one 3 (use 12 percent). 


c. HIGH CASE· HIgh underground obstructions and law load-bearing sails in seismic zone 3 (use 15 percent). 
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Step 7: Include other scope adder costs such as the costs associated with 
rerouting roads, relocation of warehouses and other structures, and the 
development of new land (e.g., new roads, drains, and fences) by adjusting 
the general facilities factors. Table 2-2 presents the general facility 
percentages to use based on the additional scope adder needs. 


Step 8: . Adjust engineering and home office fees also from 10 to 15 percent 
depending on underground obstructions and soil conditions. Table 2-2 
summarizes the criteria for selecting the engineering/home office fees. 


Using the simplified procedures described above, the following FGD 
retrofit factors were developed and used in the JAPCS model for each 
control case evaluated: 


• Control System Overall Retrofit Factor, 
• New Baghouse Retrofit Factor (LSD-FGD only), 
• ESP Upgrading Retrofit Factor (LSD-FGD only), 
• General Facilities Factor, and 
• Engineering and Home Office Fees. 


2.1.1.2 Development and Testing of the Simplified Procedures--


The simplified retrofit factor and scope adder cost estimating 
procedures resulted from a two-step simplification of the detailed EPRI 
procedure guidelines. The first simplification step was to eliminate 
developing process factors used in the EPRI procedures. Because the rAPeS 
cost model internally accounts for process adjustments (e.g., coal sulfur 
content and unit size), such factors were not needed as part of the retrofit 
factor process. 


In the second step of the simplification process, the major retrofit 
factor "drivers" were identified. The overall retrofit factor was divided 
into the following two separate components: 


• process area retrofit factor (cost multiplier) and 


• scope adjustments (scope adder costs). 


Each component was evaluated and simplified separately as discussed below. 
How the two components are combined to form the overall retrofit factor is 
discussed later. 
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Process Area Retrofit Factor 


In the detailed EPRI procedures, the process area retrofit factor 
reflects the retrofit difficulty associated with installing the five FGD 
process areas included in L/LS and LSD-FGD systems: sorbent preparation, 
absorbers/spray dryers, flue gas handling systems, waste handling/disposal 
facilities, and general support equipment. An evaluation of the cost of 
these five process areas indicates that the absorber and the flue gas 
handling areas generally represent over 80 percent of the total FGD system 
capital cost for a given boiler. Therefore, only the retrofit difficulties 
associated with the absorber and flue gas handling process areas were 
estimated. The site access/congestion factors associated with the two areas 
(base, low, medium, or high) are weighted according to the approximate 
percent of total capital cost represented by each process area. The sum of 
the two weighted retrofit difficulties and the duct tie-in distance form the 
basis of the process area retrofit factor in the simplified procedure. 


For waste handling systems, a low access/congestion factor was assigned 
because these subsystems are generally located away from the powerhouse in 
areas with relatively good access and little congestion. For the sorbent 
preparation and general support equipment areas, the access/congestion rank 
assigned to the absorber area (base, low, medium, or high) was assigned to 
these two areas as well. This is consistent with the results of the , 
previous study (1) where the rankings for sorbent preparation and absorbers 
were generally the same. 


A test of the approach discussed above was conducted to evaluate its 
accuracy relative to the detailed EPRI procedure results from the 12-plant 
study (1). The results of this comparison appear in Figure 2-1. As shown, 
the process area retrofit factors developed using the two different 
procedures are in close agreement for most boilers. Figure 2-2 shows that 
the percent difference between the two procedures is generally less than 
±5 percent. 
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Scope Adjustments 


The second part of the overall retrofit factor development addresses 
scope adjustments or adder costs. These are costs for equipment or other 
items not included in IAPCS. The most common scope adjustments include the 
following: 


• chimney liner (L/LS-FGD only), 


• new chimney, 


• demolition/relocation (buildings, electrical, ducts, and 
plumbing), 


• draft controls (to prevent boiler pressure surges), 


• wet to dry fly ash handling system conversion, and 


• new rails/repair existing rails. 


Some of these scope adjustments will frequently be required when 
retrofitting FGD systems. The scope adjustments that occur frequently are 
shown in Table 2-3 with th~ir estimated impact on capital cost and the 
overall retrofit factor. The simplified procedures assume these adder costs 
are always required unless specific information for a given site becomes 
available that indicates that anyone of these items is not necessary. 
For L/LS-FGD, a value of 0.09 is added to the retrofit factor to account for 
the adder costs listed above (chimney liner, demolition and relocation, 
draft control, and new rails). For LSD-FGD, the value added is 0.04 because 
chimney liners are not necessary. 


The simplified procedures allow the user to select specific additional 
scope adjustments (i.e., new chimney or wet to dry ash system) based on the 
site-specific needs of the plant under evaluation. Table 2-3 presents the 
contribution to the overall retrofit factor for these scope adjustments. If 
a new chimney is added, the cost to reline the existing chimney is not 
included. 


Evaluation of EPRI costs indicates that if 400 feet or more of ductwork 
can be eliminated for any boiler examined, a new stack would be added as a 
scope adjustment and costs for duct tie~in would be appropriately reduced. 
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TABLE 2-3. SCOPE ADJUSTMENTS AND THEIR CONTRIBUTION 
TO THE OVERALL RETROFIT FACTOR 


Estimated Estimated 
Percentage of Contribution 


Adjusted to the 
Item Process Area Cost Retrofit Factor 


Most Common Adjustments 


Chimney Liner (L/LS only) 5 0.05 


Demolition/Relocation 2 0.02 


Draft Controls 1 0.01 
New Rail s <1 <0.01 


Other Adjustments 


Wet to Dry Ash Systems 7 0.07 


New Chimney 7 0.07 
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This would likely be done for. many units with roof-mounted chimneys or when 
the absorber or new FF area had to be located more than 500 feet away from 
the existing chimney. 


2.1.1.3 Accuracy of the Simplified Procedures--


The overall retrofit factor is calculated from the process area 
retrofit factors and the scope adjustment factors described in the previous 
two sections .. The same comparison conducted for the process area retrofit 
factor discussed earlier was also conducted for overall retrofit factors 
estimated using the new simplified and the detailed EPRI procedure results. 
The results of this comparison are illustrated in Figure 2-3. As the figure 
indicates, overall retrofit factors from the new simplified procedures 
compare well with overall retrofit factors using the detailed EPRI 
procedures (points on the straight line plotted at 45 degrees represent a 
perfect correlation). The average difference between the detailed and 
simplified procedures is 3.7 percent. 


2.1.2 Sorbent Injection Technologies 


These technologies are in various stages of research and development 
and are being developed specifically for retrofit. As such, many costs of 
retrofit are built into the costs algorithms. The IAPes model cost 
algorithms for furnace sorbent injection (FSI) with humidification and duct 
spray drying (DSD) with calcium-basedsorbents were used in this study. The 
focus of this study was to identify retrofit modifications and scope adder 
costs needed for each specific site. These include major particulate 
control upgrades, conversion of wet fly ash handling systems to dry systems, 
and demolitio~/relocation of existing equipment. 


Of particular importance to the cost of all the technologies is the 
ability to upgrade the existing particulate control device. The IAPeS model 
assumes that the benefits of humidification ~akes most £SPs candidates for 
reuse. However, most boilers that have ESPs with specific collection areas 
(SeAs) less than the 220 ~quare feet per 1000 actual cubic feet per minute 
(acfm), (1000 acfm = 28 actual m3/min) of flue gas are not good candidates 
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new simplified procedures. 
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for sorbent injection. These ESPs are often old and usually situated in 
areas with limited access making plate area addition difficult. Also, many 
of these boilers have short duct residence time between the air heater 
outlet and the ESP, making the application of humidification or DSD 
technically infeasible. Although construction of additional ductwork could 
make the application of sorbent injection technologies pOSSible, this was 
not considered in this study. 


Although access/congestion factors were developed for the sorbent 
preparation/receiving ar~as, these factors were not used except for plants 
where a high value was assumed. It was felt that the large project 
contingency used for these technologies adequately covered average access/ 
congestion situations and sorbent conveying distances (500-1500 feet). 
Retrofit factors and scope adder costs are based on the EPRI retrofit FGD 
cost estimating guidelines for the LSD-FGD technology sorbent 
preparation/flue gas handling process areas and building/duct demolition 
costs. 


The following sections describe the procedures used to identify the 
sorbent injection option evaluated and to develop the FSI/DSD process area 
and particulate control upgrade retrofit factors and scope adjustments. 
Using these procedures, the following data were .input to IAPeS: FSI/DSD 
process area retrofit factor, particulate matter (PM) control retrofit 
factor, and scope adder costs in dollars. 


2.1.2.1 Process Selection--


As discussed above, the existing particulate control system type/size 
and flue gas ducting configuration are important parameters impacting the 
cost/performance of the sorbent injection technologies. The following steps 
were used to select the technologies to be evaluated. 


Step 1: From the plot plan/aerial photo and data from EIA-767, the existing 
particulate control type, size, and flue gas ducting configuration are 
determined. 


2-14 







Step 2: The sorbent injection technologies were evaluated for units with 
over 100 feet of duct distance between the air heater and PM control and SeA 
of over 220. When the above criteria are met, cost/performance estimates 
are presented for sorbent injection technologies. 


2.1.2.2 Process Area and PM Control Access/Congestion Factor--


The following steps were used to develop access/congestion retrofit 
difficulty factors for FSI/DSD process areas and PM control area. 


Step 1: Using the plot plan or aerial photograph, the sorbent receiving and 
preparation area is located. The plot area need is sized using the 
following equation: 


Area (ft2) = boiler size (MW) * 27 


The value of 27 ft 2/MW is based on actual FGD system sorbent preparation 
area data. 


Step 2. An access/congestion rank for the sorbent preparation area is 
selected from Table 2-2 (base, low, medium, or high). 


Step 3. An access/congestion rank is selected for the ESP from Table 2-2. 
If ESP plate addition is needed, this factor adjusts the new plate area 
capital cost estimated by JAPCS. 


The FSI (with no humidification) and DSD technologies have three basic 
process areas; the total capital cost contributions for each of these 
process areas are as follows: 


• reagent preparation, 60 percent, 


• duct modifications, 10 percent, and 


• recycle/waste disposal, 30 percent. 


Because it is clear that the sorbent preparation area has the greatest 
impact on cost, the access/congestion factor for the sorbent preparation 
area has the most pronounced impact on the FSI and DSD retrofit factor. As 
such, this is the only process area where a site-specific access/congestion 
factor was selected. Factors for the other two areas were assumed based on 
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the previous study results (1). After selecting the access/congestion rank 
for the sorbent preparation area, the factors for each process area were 
weighted according to their contribution to the total capital cost shown 
above. These weighted factors were then summed up to yield the overall 
process retrofit factor. The access/congestion ranks assigned to the duct 
and waste disposal area are summarized below. 


• A low access/congestion factor was always assigned to the waste 
disposal recycle area because these systems can be located 
conveniently at a distance from the ESP/chimney area. 


• A medium access/congestion factor was assigned to duct 
modifications. 


• A low underground obstruction factor was assigned to all 
process areas. 


2.1.2.3 Scope Adder Costs--


The costs for equipment that are not included in the rAPeS model cost 
assumptions for OSO and FSr were added to the model as scope adder costs. 
The following scope adder costs were used for OSO and FSI: 


• conversion of ESP wet ash·hand1ing system to a dry hand1ing/ 
storage system, 


• additional ductwork, and 


• duct demolition. 
If necessary, the cost for converting the ESP ash discharge system from a 
wet to a dry system was calculated using the following equation: 


cost ($) = 0.0151 * (MW)0.8965 * 106 


where MW = unit size, in megawatts 


This cost is based on an EPA report (5) and includes the cost of 
pneumatic conveying equipment and an ash silo. However, dry ash handling 
systems are general1~ less reliable than wet systems and may require more 
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maintenance. For any additional ductwork required, the following equation 
from the EPRI Retrofit FGD Cost Estimating Guideline Report (3) was used: 


cost ($) = 0.306 * duct length * (MW)0.585 * 1000 


The ductwork cost is adjusted for boiler size based on EPRI process factors. 
A regression analysis wa~ used to fit the EPRI process factor curve for flue 
gas handl ing cost versus, boiler generating capacity (represented by the 
final term in the above equation). 


For the duct demolition cost, the EPRI procedures were also used to 
estimate this cost as follows: 


cost ($) = 1800 * demolition length (MW/500)0.75 


2.1.3 Coal Switching and Cleaning 


In evaluating the cost impacts of CS and cleaning at a plant, more 
retrofit issues need to be addressed in addition to fuel cost differentials. 
These include the cost of new/upgraded coal receiving, storage, and handling 
facilities; boiler operating impacts (capacity, slagging, fouling, erosion, 
etc.); and ESP impacts. For all plants, ash analysis, washability data, and 
grindabi1ity data were not available. As a result, a quantitative analYSis 
of boiler impacts and coal cleaning cost effectiveness could not be 
conducted. As such, only switch coals that were similar to the existing 
coals were considered. No boilers firing bituminous coals were switched to 
a subbituminous coal or lignite. 


ESP performance is affected by reducing the coal sulfur content and 
changing ash loading and ash resistivity. The IAPCS model estimates the ESP 
plate area needed for particulate control after CS and cleaning and also 
estimates the cost of S03 conditioning if any additional plate area is 
needed. It is assumed that S03 conditioning will reduce needed plate area 
by 25 percent. If additional plate area is required after application of 
S03 conditioning, an ESP access/congestion factor developed using the EPRI 
retrofit guidelines is applied to the cost of plate area addition. 
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For boilers that have small ESPs «250 SCA), adding plate area may be 
difficult and unlikely because of limited access and site congestion. For 
these situations, common industry practice is to build new ESPs or install 
FFs and to abandon old ESPs. This ensures compliance with particulate 
emission regulations for the typical range of operating situations 
encountered due to variable boiler/operating conditions and coal properties. 


2.1.4 Flyidized Bed Combustion and Coal Gasification 


Plant life extension combined with significant emission reductions can 
be achieved by_FBC (atmospheric or pressurized) or CG with a gas turbine. 
This can be a cost-effective approach for some utility systems if the 
existing turbine and other plant facilities can be reused. A qualitative 
evaluation of this emission control strategy was conducted under this study 
for some of the plants. A more detailed analysis was not conducted because 
extensive bOiler/plant/system information is needed to evaluate the cost of 
retrofit. The economic justification for these retrofits is critically tied 
to life extension and heat rate improvements rather than to emission 
reductions. Thus, economic comparison to the other add-on controls 


\ 


evaluated in this study is difficult without conducting extensive 
system-wide economic evaluations. 


As defined in this study, repowering with FBC and CG assumes that the 
new stand-alone FBC boiler or CG unit with a gas turbine will tie into the 
existing steam turbine and with reuse of the other plant facilities, e.g., 
coal receiving/handling/storage, water and wastewater treatment, and solid 
waste disposal. With FBC, it is possible to rebuild (retrofit) the existing 
boiler as was done at the Northern States Power Black Dog Unit 3 (6). 


For each plant, the following criteria were reviewed to determine the 
potential for each boiler as a FBC or CG retrofit/repowering candidate: 


Boiler Size - Boilers larger than 300 MW were not considered good near-term 
. candidates for repowering because of the relatively small size of the FBe 


and CG units currently being demonstrated and because boilers larger than 
300 MW generally do not meet the other criteria that follow. 
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Boiler Heat Rate - Boiler heat rate has a significant economic impact on 
retrofit for FBC or CG, as follows: units with a heat rate of <10,000 Btu 
per kWjhr would not benefit significantly; units with a heat rate of 10,000-
11,000 Btu per kWjhr would benefit moderately; and units with a heat rate 
>11,000 Btu per kW/hr would benefit significantly. 


Boiler Capacity Factor - Boilers with capacity factors significantly less 
than 50 percent usually are used for meeting peak demands. These boilers 
generally have poor heat rates and, as such, are low on the dispatch order. 
Retrofit or repowering with FBC or CG generally will require significant 
downtime, and the downtime penalty will be less for boilers having low 
capacity factors. 


Unit Age - Unit age generally is an indicator of boiler size and useful 
remaining life. Boilers that came in service before 1950 are small 
«100 MW) and have poor heat rates and low capacity factors. These units 
are good candidates for retrofit/repowering and would significantly benefit 
from heat rate improvement. Additionally, the cost of FGD would be high due 
to economies-of-scale, capacity factors, and the short remaining life for 
amortization of the capital investment. Units that came in service in the 
1950s are generally small to medium in size (100-250 MW) and have moderate 
heat rates and low to moderate capacity factors. These units are moderately 
good candidates for retrofit/repowering depending on the cost of other 
control options. Units that came in service after 1960 are not likely near 
term candidates for FBC or CG repowering because of their large size (>250 
MW) and remaining life would make other control options more cost effective. 


Particulate Control Performance - Because of increasingly stringent 
particulate and S02 emission limitations related to state implementation 
plans, many boilers have been retrofitted with new particulate controls 
capable of meeting particulate emission standards while firing low sulfur 
coals «1 percent sulfur). These boilers may already be firing low sulfur 
coals, or the retrofit particulate controls may have been designed for 
firing low sulfur coals. As such, these boilers are good candidates for CS 
and cleaning, but less likely candidates for repowering with FBC or CG 
unless fuel price differentials or stringent S02/NOx emission regulations 
eliminate CS and blending as a feasible S02 control option. 
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S02/NOx Emission - Many.older boilers are high emitters of S02 and NOx' and 
depending on the compliance flexibility that potential acid rain regulation 
may allow (regional, state, plant, or boiler) significant emissions 
reduction may be required. If these boilers are difficult to retrofit with 
conventional and low-cost S02/NOx controls, repowering with FBC or CG may 
become necessary to extend the life of the boiler and meet S02/NOx emission 
levels economically. For example, many cyclone boilers made in the 1950s 
have high NOx and 502 emission rates with moderate to high capacity factors 
and may be difficult.to retrofit for conventional S02/NOx controls. 


2.1.5 NOx Controls 


Three types of LNC control technologies were evaluated under this 
study. LNC was evaluated for all dry bottom boilers with application of LNB 
on wall-fired units and OFA on tangential-fired units. For wet bottom 
boilers and unconventional firing types, natural gas reburn (NGR) was 
evaluated because the application of LNB was not considered feasible and the 
application of OFA was not considered to give low enough emission rates. 
Selective catalytiC reduction (SCR) was evaluated for all boilers and is the 
only commercially demonstrated control method for achieving very low NOx 
emission levels. 


For the LNC controls (LNB and OFA), performance estimates were 
developed to account for non-ideal situations that will occur with the 
retrofit of these technologies. As discussed below, the NOx reduction 
estimates are based on the boiler volumetric heat release rate. No 
adjustment to costs were made to reflect site-specific situations. For NGR, 
a NOx reduction of 60 percent was assumed for all boilers. 


There are two SCR configurations which have wide commercial application 
in Europe and Japan: hot side and cold side. Hot side systems have the 
catalytic reactor located before the air heater in the temperature zone of 
600-700oF. Cold side systems have the catalytic~reactor located after the 
air heater and must reheat the flue gas up to 6000 F. During the course of 
this study, very limited data was available on the long_ term performance of 
hot side SCR systems on coal-fired applications, and no commercial or pilot 
scale data was available on hot side systems for U.S. coals. As such, the 
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cold side SCR system was selected due to the greater degree of confidence 
regarding catalyst life because cold side systems would be located 
downstream of particulate and SOx control systems. This reduces or 
eliminates the catalyst poisoning effects of sulfur (S03)' chlorides, 
arsenic and alkali metals which are found to higher degree in U.S. coals 
than experienced overseas. Additionally, less unit downtime would be 
required to tie the system into the existing flue gas flow minimizi~g 
potential unit downtime costs associated with replacement power. The 
disadvantage to using cold side SCR systems results from the capital and 
economic cost of flue gas reheat. These costs are somewhat offset by lower 
catalyst costs. _ For boilers where there was not space available for a cold 
side SCR system and boilers having hot ESPs, hot side SCR systems were 
applied. 


2.1.5.1 Low NOx Combustion Performance Estimating Procedures--


This section describes the simplified procedures that were used to 
determine the NOx reduction performance due to retrofitting OFA on 
tangential-fired boilers and LNB on wall-fired boilers. LNC is not 
considered as applicable to wet bottom boilers such as cyclones. These 
procedures were developed to reduce the amount of time needed to evaluate 
each of the 200 utility plants in the absence of detailed boiler design and 
operating data (e.g., boiler drawings and operating profiles). The 
simplified procedures for LNB ,on wall-fired boilers use available data from 
Powerplants Database (7), the EIA-767 forms, and other available sources 
to estimate NOx reductions. The simplified procedures for OFA on 
tangential-fired boilers rely on established guidelines for utility 
boilers (8-9). 


Simplified Procedures for Estimating NOx Performance of LNBs Applied to 
Wall-Fired Boiler Development and Description 


A number of boiler parameters were evaluated as key indicators of NOx 
reduction performance for the simplified procedures. However, accurate data 
'on most of these parameters can not be easily gathered and/or calculated 
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from readily available sources (i.e., Powerplants Database and EIA-767 
forms). Additionally, there is very little well documented data on the 
performance of LNC retrofit on a wide range of utility boilers. Boiler 
volumetric heat release rate was chosen as an indicator of NOx formation 
because boiler volume data are available for most boilers in the Powerplants 
Database (7). Based on data from four LNB retrofits, a correlation was 
developed expressing NOx emission reduction as a function of boiler volume 
per megawatt (volumetric heat release rate). 


Insufficient data are available for retrofits of OFA on tangential 
boilers. Therefore, an even simpler relationship was developed for 
estimating NOx reductions as a function of the volumetric heat release rate. 
The correlations developed for estimating NOx reduction performance are 
discussed below. 


Description of the LNB Performance Estimating Procedures 


The following equation was developed to predict NOx removal efficiency 
for low NOx burners applied to wall-fired boilers as a function of boiler 
volumetric heat release rate (8): 


NOxEFF = 68.8 * (V/MW) . [A] 


where NOxEFF = NOx removal efficiency (percent) 
V = Furnace volume (1000 ft 3) 


MW = Boiler rating (megawatts) 


Although this equation can yield NOx reduction values less than 30 percent 
and greater than 55 percent, 30 and 55 percent were used as lower and upper 
limits in this study. 


If the furnace volume cannot be estimated or is not known, the 
following equations relating furnace volume to boiler rating were used for 
boilers constructed before and after the 1971 NSPS (8): 
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For boilers constructed before the 1971 NSPS, V = 0.596 * MW [B] 


For boilers constructed after the 1971 NSPS, V = 0.844 * MW [C] 


Therefore, substituting either Equation B or C into Equation A for furnace 
volume gives roughly a 40 percent NOx removal efficiency for wall-fired 
boilers constructed before the NSPS was promulgated and roughly a 55 percent 
NOx removal efficiency for wall-fired boilers constructed after the NSPS 
promulgation. 


Simplified Procedures for Estimating NOx Performance of OFA Ports Applied to 
Tangential-Fired Boilers 


OFA is generally capable of achieving a 15 to 35 percent NOx reduction. 
OFA can achieve the 1971 NSPS NOx emission limit for wall- and tangential
fired utility boilers and the 1979 NSPS for NOx emission limit for 
tangential-fired boilers. 


NOx emission reductions for tangential-fired boilers subject to the 
NSPS or in servic~ after 1974 are greater than those for older boilers. For 
this reason, it is assumed that OFA can reduce uncontrolled NOx emissions by 
35 percent for tangential boilers subject to the NSPS or in service after 
1974. For boilers in service before 1974, an NOx emission reduction of 
25 percent is assumed (9). This value was selected because furnace volume 
is about 40 percent less for boilers in service before 1974 than those 
subject to the NSPS or in service after 1974, and because the value 
is consistent with NOx reductions required to meet the 1971 NSPS NOx 
emission limit of 0.6 lb/106 Btu for tangential-fired boilers. For slagging 
tangential-fired boilers, NOx emissions reductions stated above should be 
reduced by 5 percent (8). 


2.1.5.2 Natural Gas Reburning--


NGR, although not as commercially developed as the other NOx combustion 
technologies, is included in this analysis. Inclusion of NGR in the study 
provides a moderate NOx control level (relative to SCR) for those boilers 
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for which LNBs are inapplicable (e.g., cyclone furnaces). The NOx reduction 
performance of NGR would be affected by some of the same factors discussed 
previously for LNC. However, due to the lack of commercial demonstration 
performance data, a single estimate of 60 percent NOx reduction was used in 
this study. The Gas Research Institute is hoping to achieve NO reductions x 
as high as 75 percent on high NOx emitting boiler types (wet bottom). 


To achieve 60 percent NOx reduction, approximately 15 percent of the 
boiler heat input would be inject~d into the upper furnace as natural gas. 
Capital costs include the installation of natural gas and OFA injection 
ports into the upper furnace, reburn gas supply piping, and controls. 


2.1.5.3 Selective Catalytic Reduction--


The major equipment items for an SCR system include the catalyst, 
ammonia system, controls, air preheater modifications or flue gas reheater, 
ductwork, and fan. The catalyst volume is based on the flue gas flow rate 
and the required NOx reduction percentage. The SCR equipment cost estimates 
were developed from recent EPRI (10) and EPA (11) studies. 


Two SCR system configurations were evaluated and are shown on 
Figure 2-4. The hot side system configuration requires that the catalytic 
reactor be placed in the flue gas path between the economizer and the air 
heater to take advantage of the high flue gas temperature (-600-7000 F). The 
catalytic reactor for a cold side system would be located in the flue gas 
path just b~fore the flue gas enters the chimney. This system requires that 
the flue gas be reheated to 600-7000 F. Table 2-4 summarizes the pros and 
cons of the two configurations. Both types of systems are being used in 
Japan and Germany. For most boilers in this study, it was assumed that when 
space was available, the cold side configuration would be used. This 
configuration minimizes unit downtime and replacement power costs and 
maximizes catalyst life. Cold side systems also facilitate combining 
smaller units into one system, thereby obtaining economy-of-scale benefits. 
Hot side SCR systems were selected for boilers that have hot ESPs. 
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TABLE 2-4. TRADE-OFFS ASSOCIATED WITH HOT SIDE AND COLD SIDE SCR SYSTEMS 
FOR COAL-FIRED UTILITY BOILERS (12) 


Item 


Boiler downtime (months) 
Boiler modifications 
Economizer bypass 
Precipitator reinforcement 
SCR flyash removal 
SCR system access and congestion 
Catalyst 


Life (hours) 
Type 


Catalyst cost 


Reheat system 
Energy penalties 


Reheat 
Exchanger pressure drop 


Coarse dust preseparator 
SCR per boil er 
Catalyst cleaning air 


NH3 usage 


SCR S~stem 
Hot Side 


6-12 
Yes 
Yes 
Yes 
Yes 
Higher 


-12,000 
Honeycomb or plate 


Larger volume/ 
Higher cost 


No 


No 
No 
Yes 
one 
Yes 


Higher 
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Cold Side 


1-2 
No 
No 
No 
No 
Lower 


-20,000 
Pell et 


Lesser volumej 
Lower cost 


Yes 


Yes 
Yes 
No 


one or more 
No 


Lower 







The method used to develop retrofit factors and scope adjustments for 
SCR is similar to that used for FGD methods. Scope adder costs considered 
are as follows: 


• duct and building demolition, 


• new duct work, 


• new roads and replacement of demolished facilities, and 


• new air heater (hot side) or flue gas reheater (cold side). 


The EPRI FGD retrofit guidelines were used to develop costs for the 
first three items. New roads and replacement of facilities were handled as 
increases in general facilities. New air heater and flue gas reheater costs 
are based on a vender quote for a 500-MW plant and scaled by a 0.6 factor 
{11} • 


Access/congestion and underground obstruction factors were applied to 
the catalytic reactor area. The EPRI FGD retrofit guideline factors for the 
S02 and flue gas handling area were used. The scope adjustments and 
retrofit difficulty factor were input to the IAPCS model to generate the 
site-specific retrofit cost estimates. 


2.2 IAPCS COST MODEL 


Important technical cost assumptions were assigned to the acid gas 
removal technologies selected for evaluation. These assumptions are 
presented below for the technologies discussed in order of pre-, in situ-, 
and post-combustion emission control technologies. 


2.2.1 Flue Gas Desulfurization 


Two process configurations using lime/limestone FGD with adipic acid 
additive were evaluated: 1) common NSPS configuration having a spare 
absorber and small absorber size {less than 125 MW each}, and 2} a low-cost 
configuration that does not have a spare absorber and maximized absorber 
size up to. 250 MW. Pert i nent process des i gn parameters included the use of 
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vertical spray tower absorbers, primary and secondary solid dewatering via 
thickener and vacuum filter (60 percent solids waste), and waste treatment 
and disposal via landfill disposal. The use of reheat was provided by an 
in-line steam reheater. An S02 removal efficiency of 90 percent was assumed 
for all coal-sulfur levels. However, cost estimates were not generated for 
boilers having a coal sulfur level less than 1 percent. Selection of lime 
or limestone as the reagent was determined by using the reagent primarily in 
use in the State or as directed by the utility company. 


The number of operating absorber towers varied with boiler size and one 
spare tower was provided for this NSPS option. Standard sparing practice 
was followed for all other components. Three types of design strategies 
were considered: 1) boilers were equipped with a complete, self-contained 
FGD system; 2) when the flue gas from several boilers was already combined, 
these boilers were equipped with combined FGD systems in which all process 
areas were shared; 3) for the low-cost FGD system, boilers were combined, 
spare absorbers were eliminated and absorber module size was maximized to 
minimize the number of towers needed. Maximum absorber size was 250 MW. A 
summary of the FGD technology assumptions for conventional FGD is presented 
in Table 2-5. 


Retrofit difficulty factors were developed for two limestone options: 
limestone with adipic acid and limestone with forced oxidation. Because the 
costs of the L/LS-FGD systems are about the same, only the cost for one 
option was presented in the report for each plant. For the plants in states 
where lime was predominately used as the reagent, lime FGD cost are 
presented. For the states where limestone reagent is predominately used or 
where no existing FGD system exist, limestone with adipic acid was used. 
For a few plants, the plant personnel specifically requested the use of 
limestone with forced oxidation. Although the retrofit difficulty of 
lime/limestone with adipic acid can vary from that of limestone with forced 
oxidation, these differences are small and are due to the difference in the 
waste handling area retrofit difficulty factors. 
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TABLE 2-5. FLUE GAS DESULFURIZATION TECHNOLOGY ASSUMPTIONS 


Process Limestone or Lime with 
Organic Acid Additive 


Design configuration: 


Absorber type 
Reheat 


Solids treatment 


Design strategy 
NSPS 


Low Cost 


Process design 


Nominal stoichiometric ratio 


Liquid-to-gas ratio 


Number of absorbers 
NSPS 


Low cost 


Number of spare absorbers 


NSPS 
Low cost 
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Vertical spray tower 
In line steam 


Dewatered/fixation/landfill 


Single system per boiler or 
Combined system when bOiler 
flue gas is already combined 


Combined system for contiguous 
boilers 


1.05 


60 - 70 


<250 = 2 modules + 1 spare 
250-499 = 3 modules + 1 spare 
500-749 = 4 modules + 1 spare 


250 MW Maximum 


1 
o 


absorber size. 







2.2.2 Lime Spray Drying 


Two process variations were evaluated: LSD with conventional spray 
dryer absorber and DSD. The design and performance assumptions associated 
with the spray dryer absorber (LSD-FGD) configuration include both low and 
high sulfur coal applications with reuse of the existing ESP or FF. S02 
captures were adjusted as follows: 


• The maximum S02 removal for LSD-FGD with an FF in the 
configuration was set at 86 percent. With an ESP configuration, 
the maximum S02 removal efficiency was set at 70 percent. These 
values represent maximum S02 removals achieved under optimal 
conditions. The actual values predicted by the model are a 
function of flue gas temperature, S02 concentration, and ash 
a 1 ka 1 in ity . 


• The maximum S02 removal for DSD was set at SO percent across the 
entire system for ESP configurations and 68 percent with the FF 
configuration because of greater S02 capture across the FF. The 
actual values predicted by the model are a function of flue gas 
temperature, S02 concentration, and ash alkalinity. 


A summary of the LSD and DSD technology assumptions is presented in 
Table 2-6. 


2.2.3 Furnace Sorbent Injection 


The basic process configuratiDn selected for evaluation involves the 
injection of calcitic hydrate into the upper radiant and lower convective 
sections of the furnace. Boilers. having ESPs with a specific collection 
area of less than 220 ft 2/103 acfm were assumed not to be upgradable, and 
these boilers were not evaluated for FSI. The PM control configurations 
evaluated were reuse of the existing ESP or baghouse with additional ash 
handling capacity. 


The calc1tic hydrate is assumed to be delivered to the plant in a 
prepared form (i.e., ready for injection). The sorbent is injected at a 
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TABLE 2-6. SPRAY DRYING TECHNOLOGY ASSUMPTIONS 


Process 


Design configuration 


Process design: 


Stoichiometric ratio, Ca/S 
Recycle slurry solids, % 


Lime slurry solids, % 
Saturation approach, of· 
Nominal S02 captures, % 
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Spray Dryer Absorber 
Duct Spray Drying 


LSD-reuse ESP (upgrade) 
LSD-new FF 
LSD-reuse FF 
DSD-reuse ESP (upgrade) 
DSD-new FF 
DSD-reuse FF 


1.4 


35 
25 
30 
70-86 (LSD) 
50-68 (DSD) 







calcium-to-sulfur stoichiometric (Ca/S) ratio of 2.0. This calcium-to
sulfur ratio was assumed to provide S02 capture of 50 percent and 
70 percent. The ESP operation was upgraded by incorporating spray 
humidification as a gas conditioning process and the ESP was tuned up 
through the addition of gas distribution vanes, baffles and optimization of 
the rapping cycle. Boilers having ESPs with specific collection area of 
less than 220 square foot of plate area per 1000 actual cubic feet a minute 
of gas were not considered as candidates for FSI. These boilers would most 
1ike1y"require the addition of a new ESP or FF in order to maintain their 
current particulate emission limit at the 50 and 70 percent S02 reduction 
level. For cases where the plate area was not sufficient after 
humidification and tune-up, the cost of additional plate area was included. 
Boiler modifications and additional soot blowers were provided in every 
case, and existing wet fly ash handling systems were converted to dry 
systems. A summary of the FSI technology assumptions is presented in 
Table 2-7. 


2.2.4 Physical Coal Cleaning 


The IAPCS AUSM database PCC option was used to estimate the cost of 
coal cleaning. For this option, the technical level of coal cleaning was 
set at 4 where all coal size fractions are cleaned and the appropriate 
characteristics and costs are read from the AUSM database (13). The 
database contains heating value, ash content, sulfur content and coal cost. 
The model searches the database to find the most similar ROM coal and the 
appropriate cleaned coal characteristics and cost based on the technical 
level of preparation as mentioned above. "Most similar" is defined by the 
following heuristics: (1) a coal with the same rank; (2) a coal with the 
same sulfur content; and (3) a coal with the same coal supply region. 
Because the PCC equipment costs are assumed to be at the mine (offsite), no 
process capital costs are estimated for PCC. Capital costs associated with 
fuel cost premium are estimated for preproduction costs and inventory 
capital based on EPRI methodology. Annual operating and maintenance costs 
comprise only the fuel cost premium and reduced waste disposal costs. 
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TABLE 2-7. FURNACE SORBENT INJECTION TECHNOLOGY ASSUMPTIONS 


Process' Furnace Sorbent Injection 


Design configuration: 
Sorbent preparation 
Injection point 
PM control 
Waste handling 


Process design: 
Sorbent 
Ca/S ratio 
Boiler quench rate, FO/sec 
Calcium utilization, % 


S02 capture, % 


Gas conditioning 
ESP upgrade 


Process application 
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Prepared off-site 
Upper furnace 
ESP upgrade, baghouse 
Dry 


Calcitic hydrate 
2: 1 


700 
25 and 35 
50 and 70 
Spray humidification 
Tune up then 
Plate area addition 
if required 


All boiler firing types 







2.2.5 Coal Substitution 


For all boilers, a low sulfur West Virginia bituminous coal was used as 
the replacement coal. It was assumed that this coal was the IAPCS coal 
number three as presented in Table 2-8. 


Two coal fuel price differentials (FOP) were used in this analysis: $S 
and $15 per ton. These premiums were used to span the range of fuel cost 
increases associated with low-sulfur coal demand under acid rain 
legislation. These costs do not include the cost impact of additional coal 
receiving/storage/handling facilities, if needed, and the cost impact of 
boiler derate due to pulverizer capacity and boiler fouling, slagging, and 
erosion. Boiler derate can be significant and can result in sizeable 
replacement capacity costs, but was not considered for the simplified 
procedure study because detailed unit design and operational information 
were needed. The major capital cost for all cases is the cost of inventory 
(coal consumption for 60 days at $5 or $15 FPO). 


2.2.6 Low NOxCombustion 


LNC was applied solely to pulverized coal dry bottom boilers. Two 
process variations were considered: OFA and LNB. OFA was applied to PC, 
tangential-fired boilers (i.e., corner-fired boilers). The estimated low 
NOx reduction performance ranged from 20 to 55 percent for LNB and 10 to 
35 percent for OFA. The removal efficiencies were adjusted from site to 
site to reflect specific. design and operating conditions as discussed in 
Section 2.1.5. A summary of the LNC technology cost/performance assumptions 
is presented in Table 2-9. 


2.2.7 Natural Gas Reburning 


Process scope items include boiler combustion modifications and 
six miles of gas pipeline to the plant. Cost elements include a fuel cost 
differential (between natural gas and coal) of $2 per million Btus and 
credits for savings in coal pulverizer operation, solid waste disposal, and 
operating and labor supervision. A summary of the NGR technology 
assumptions is presented in Table 2-10. 
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Processes 


TABLE 2-8. 


Item 


Btu/lb 
Ash, % 
S, % 
H20, % 


TABLE 2-9. 


Boiler application 


Process application: 


OFA 
LNB 


Process description: 


OFA 
LNB 


Boiler modifications 


NOx control, percenta: 


OFA 


LNB 


CHARACTERISTICS OF SWITCHED COAL 


West Virginia 
Coal 


12,058 
16.6 
0.89 
3.5 


LOW NOx COMBUSTION TECHNOLOGY ASSUMPTIONS 


Low NOx Combustion 


Pulverized coal: dry bottom 


Tangential-fired 
Wall-fired (front or opposed) 


One port per row of existing burners 
One replacement burner per existing 


burner 


Boiler tube and windbox 


15-35 


30-55 


aControl efficiency was varied as a function of furnace volume per MW. See 
Equations A, B, and C in Section 2.1.5.1. 
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TABLE 2-10. NATURAL GAS REBURNING TECHNOLOGY ASSUMPTIONS 


Process Natural Gas Reburning 


Design Configuration: 


Natural gas substitution, % 


Injection point 


Process application 


NOx control, % 


S02 control, % 


PM control, % 


Fuel Price Differential, $/million Btu 


Process application 


2-36 


15 


Upper furnace 


All wet bottom boilers 


60 


15 


15 


2.00 


All wet bottom boilers 







2.2.8 Selective Catalytic Reduction 


SCR was applied to all coal-fired boilers evaluated. A summary of the 
SCR technology assumptions is presented in Table 2-11. Two SCR process 
variations were evaluated. In the first configuration, the hot side SCR 
reactor is between the economizer and air preheater. In the second 
configuration, the cold side SCR reactor is placed before the stack and 
downstream of other emission control systems. The basic SCR system 
comprises four process areas--ammonia preparation, reactors, flue gas 
handling, and air heater modifications or flue gas reheater. The target NOx 
control efficiency was established at 80 percent based on an ammonia 
(NH3)/NOx stoichiometric ratio of 0.87. Catalyst life, which is the primary 
cost driver, was set at 3 or 7 years. A 3-year catalyst life is typically 
being achieved for hot side systems and a 7-year catalyst life would be 
expected for cold side systems in Germany. It should be noted that many 
u.S. coals have much higher sulfur, arsenic, and alkali metal contents than 
coals in Japan/Germany. These contaminants can significantly reduce 
catalyst life and require increased catalyst volume. 


The spent catalyst was assumed to be returned to the supplier and the 
cost of disposal was assumed to be included in the cost of the catalyst. It 
was assumed that installation of cold side reactors or hot side reactors on 
boilers with hot ESPs would not incur replacement power costs because 
downtime for tie-in could be accomplished during the annual maintenance 
outage. 


2.2.9 Electrostatic Precipitator 


The ESP algorithms contained in IAPCS estimate the performance of new 
or existing ESPs. The cost algorithms estimate the cost of a new ESP or 
upgrading the existing ESP by gas conditioning, ESP tune-up and plate area 
addition, in that order. When flue gas conditions change with the retrofit 
of a control technology or coal substitution, the IAPes model first 
estimates the required plate area needed to obtain the current existing 
particulate emission rate for the boiler. If the needed plate area is 
greater than the existing plate area, the~ the effect of gas conditioning 
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TABLE 2-11. SELECTIVE CATALYTIC REDUCTION TECHNOLOGY ASSUMPTIONS 


Process 


Design configuration: 


Ammonia preparation 


Number of Reactors 


Flue gas handling 


Waste disposal 


Process design: 


NH3 stoichometric ratio 
NH3 slip, % 
NOx control, % 


Catalyst life, years 


Process application 


Air heater modification 


Or 


Flue gas reheater 
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Storage and injection 


2 (s.500 MW) 
3 (750 MW) 
4 (~1000 MW) 


Ductwork length 


Conventional landfill 


0.87 
2.27 
80 
3 or 7 


Cold-side except where 
no space or hot ESP 


Corrosive resistant 
heater elements and 
additional surface area 
for hot side systems 


Flue gas to flue gas heat 
exchange and steam for 
cold side systems 







followed by tune-up, followed by plate area addition are evaluated until the 
estimated emissions meet the current emission rate. 


Gas conditioning can be used to improve the performance of an ESP. 
JAPeS contains two gas conditioning options that can be used in conjunction 
with use of the eXisting ESP: S03 conditioning is used in this study with 
coal switching; and humidification is used in this study with FSJ. 


Ash resistivity increases significantly when the coal sulfur is 
decreased or when calcium sorbents are present. The use of S03 conditioning 
reduces ESP plate area requirements by decreasing ash resistivity. The use 
of S03 conditioning was assumed to minimize the incremental plate area 
requirements by 25 percent (14). The effect of humidification on plate area 
requirements was based on cost and performance relationships developed as 
part of the EPA LIMB program. Humidification improves ESP performance 
because the moisture on the surface of ash/sorbent particles decreases the 
particle resistivity and the gas cooling effect of humidification reduces 
the flue gas volume. Flue gas volume reduction increases the effective 
specific collection area (plate area per cubic foot of gas) of the ESP. 


ESP tune-up included the addition of gas distribution vanes, baffles, 
and optimization of the rapping cycle. When plate area addition was 
required, an access/congestion retrofit difficulty factor for the ESP area 
was used to adjust the cost estimate to account for the increase in cost 
associated with space limitations. These factors w~re taken from the EPRI 
Retrofit FGD Cost Estimating Guidelines Report (see Table 2-2). 


2.2.10 Fabric Filter 


An FF was provided as a replacement or alternative PM collection device 
for the existing ESP. This option was considered only for DSD and the LSD 
systems on boiler~ burning low sulfur coal. For these processes, the FF 
also provided a significant improvement over the ESP in total system S02 
removal through the incremental capture of S02 across the filter cake. 
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2.2.11 Waste Disposal 


The disposal of solid waste was handled in a consistent manner for all 
plants. All solid waste products were disposed of in a landfill 1 mile away 
from the plant. Waste treatment was provided for RGD technology in the form 
of chemical fixation of the dewatered waste sludge, using lime and fly ash 
additives. No chemical treatment was applied to the dry waste producing 
processes; all material was collected as is and disposed in landfills. 


2.3 ECONOMIC AND FINANCIAL ASSUMPTIONS 


At the outset of the National Acid Precipitation Assessment Program 
(NAPAP) Task Group I effort in 1985, a decision was made to use economic and 
financial data consistent with accepted industry practices at that time. 
The accepted standard for the electric utility industry is published in the 
EPRI's Technical Assessment Guide (TAG) (IS). The EPRI TAG provides the. 
economic factors and financial data on which the cost estimating procedures 
used in the electric utility industry are based. Table 2-12 presents the 
TAG values. The reader/user of this report should understand that another 
valid set of assumptions based on another point in time (for technology 
development) and different economic assumptions may produce results very 
different from those reported here. 


The following is a brief overview of the economic and financial 
assumptions of the EPRI TAG as applied in this stage. 


1. Cost-estimating premises adhere to the cost methodology described 
in Chapter 3 of 1986 EPRI TAG. 


2. The indirect capital cost factors were assigned to each technology 
in accordance with the EPRI TAG. These values were varied in 
accordance with site-specific conditions and are presented in 
Table 2-13. 


3. Allowance for funds during construction (AFDC) is estimated by 
adjusting the total plant cost by an allowance factor that is a 
function of the idealized construction period, the weighted cost 
of capital, and the inflation rates. 
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TABLE 2~12.FINANCIAL FACTORS FOR COST STRUCTURE a 


Current Dollars 


Item Value Cost Return 


Type of security 
Debt (Bonds) 50% 11 5.5% 
Preferred 15% 11.5 1. 7% 
Common Stock 35% 15.3 5.3% 


Discount rate 12.S%jyr 
(weighted cost of capital) 


Federal and state income tax rate 38% 


Investment tax credit 0% 


Property taxes and insurance 2%jyr 


Book 1 ife 30 yr -


Tax 1 He 20 yr 
Current Dollars Constant Dollars 


Inflation rate 6% 


Operating and Maintenance Levelization factor 1.75 
Carrying charges, % of Capital Cost 17.5% 


0% 


1.0 


10.5% 


aCapital structure based on 1984 Edison Electric Institute (EEl) System 
Planning Committee Survey. 
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TABLE 2-13. NOMINAL INDIRECT COST SCHEDULE 


Indirect Component a LNC FSI NGR SCR LSD DSD ESP FF FGD 


General facilities, % 5-15 5-15 5-15 5-15 5-15 5-15 5-15 5-15 5-15 


Engineering and home 
office fees, % 10-15 10-15 10-15 10-15 10-15 10-15 10-15 10-15 10-15 


Project contingency, % 30 30 30 30 30 30 30 30 30 


Process contingency, % 10 20 20 20 4.3 30 0 0 1.4 


Sales tax, % 0 0 0 0 0 0 0 0 0 


Royalty allowance, % 0 0 0 0.5 0 0 0 0 0 


Preproduction cost b b b b b b b b b 


Inventory capital c c c c c c c c c 


Initial catalyst 0 0 0 d 0 0 0 0 0 


Idealized c09struction 
period, yr 1 1 1 1 3 1 1 1 3 


Annual Maintenance cost 
factor, % Total Plant Cost 2 4 2 4 6 6 4 4 8 


aApplied as a percentage of process capital except as noted. 


b1 month of fixed operating cost; 1 month of variable operating cost; and 
2 percent of total plant investment .. 


C50-day supply of consumables. 


dSCR catalyst costs are estimated based on unit size and desired NOx removal 
efficiency. 


eUsed for estimating allowance for funds during construction (AFDC). 
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4. For annual operating costs, the unit costs for consumables per the 
EPRI TAG are summarized in Table 2-14. 


5. Total annual maintenance costs are estimated per the 1986 EPRI 
TAGs as a percentage of total plant cost (before addition of AFDC, 
preproduction costs, inventory capital, royalty, catalyst, and 
land) depending on the nature of the processing conditions and the 
type of design. A summary of the factors assigned to the various 
technologies is presented in Table 2-13 .. 


6. The financial factors for capital structure are presented in 
Table 2-12. 


7. The financial and economic premises significantly influence the 
levelizatfon factors calculated for operating and maintenance 
(O&M) and carrying charges. Using the 1986 guidelines recommended 
by EPRI--12.5 percent discount rate (or weighted cost of Gapital), 
6.0 percent inflation rate (long-term average), 30-year book life 
(existing facility), and 20-year tax life (straight-line 
depreciation)--the computed O&M levelization factors and capital· 
carrying charge factors are 1.75 and 0.175 for current dollars and 
1.0 and 0.105 for constant dollars, respectively. 


8. All costs are presented in current and constant 1988 dollars. 
Capital costs are escalated from a 1982 base year cost in IAPCS 
using the Chemical Engineering indices. Current dollar costs 
account for inflation; constant dollar costs do not. 
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TABLE 2-14. UNIT COST DATA 


Item January 1985 value Units 


Operating labora 19.70 $/person hour 
Water (river)b 0.60 $/1000 gal 
Lime 65 S/ton 
Limestone 15 S/ton 
Land 6,500 S/acre 
Catalyst 20,290 S/ton 
Waste disposal (wet)c 9.25 S/ton 
Waste disposal (dry)c 8.0 $/ton 


Electric power (in plant)d 0.05 $/kWh 


aBased on a direct labor charge of S14.6/h plus 35 percent payroll burden. 


bThis is a raw water acquisition charge only. Intake structures, treating, 
and pumping costs are included in plant capital and operating costs. 


cNormally, waste disposal facilities are included in plant capital and 
operating costs. The charges shown here are representative of off-site 
disposal costs for special cases where on-site disposal is not included. 


dThese special values are to be used only in studies of limited scope that 
do not internally produce electricity and steam costs. The values are 
based on a 2400-psi" coal-fired power plant. 
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Last Updated 2002


POLICY AND IMPLEMENTATION PROCEDURE


Interpretation of BACT


For ease in permit application review, the above definition of BACT can be broken down to two general
categories: 1) "technologically feasible and costeffective" and 2) "achieved in practice." The first
category is a more stringent level of BACT control and is technology forcing; it generally refers to
advanced control devices or techniques. The control equipment or technology must be commercially
available, and demonstrated effective and reliable on a full scale unit and shown to be costeffective on a
dollars per ton of pollutant removed basis. The actual cost analysis methodology will be discussed later
in this section. Note that the District BACT definition, developed under CARB guidelines, does not
explicitly require that the control be demonstrated for any specific length of time. However, District staff
in reviewing BACT performance data must make the engineering determination that the control would
reasonably be expected to perform for a sufficient duration to make the control option costeffective.
Often, control techniques under the technologically feasible/costeffective category are technology
transfers from successful applications on similar types of equipment or emission streams. In that case, the
control has been "achieved in practice" (the second BACT category) on a similar source or equipment
category, but has not been used for the particular source or equipment in question. A feasibility and cost
effectiveness analysis would then be necessary.


In general, cost effectiveness analysis is done on a source by source basis.   However, if a group of
sources, each of which triggers a BACT review on its own, emits a common pollutant(s) with similar
wastestream characteristics, and the sources are configured in such a manner that they could share a
common abatement device, then the control costs can be shared proportionately and the cost
effectiveness determination made accordingly.


The second BACT category, "achieved in practice", applies to the most effective emission control device
already in use or the most stringent emission limit achieved in the field for the type and capacity of
equipment comprising the source under review and operating under similar conditions, e.g., process
throughput and material usage, hours of operation, sitespecific limitations or opportunities, etc.. For
example, the control device performance or emission limit has already been verified by source tests or
other appropriate documentation approved by this District or another California air district.


A user of the BACT/TBACT Workbook would go to the appropriate source or equipment category
listing in Sections 2 through 11, and review the BACT 1 entry "Technologically Feasible/Cost Effective"
as the candidate required BACT. Only if proven not technologically feasible and cost effective for the
particular application under permit review would the BACT requirement default to BACT 2 "Achieved
in Practice" for which case a cost analysis is not necessary. In some cases, an intermediate level of
control between BACT 1 and BACT 2 may prove to be cost effective and appropriate.


Where no BACT determination has been made to date in this workbook or if a determination needs to be
updated or reviewed, potential sources of BACT and TBACT determination information include the
CAPCOA/CARB BACT Clearinghouse, the EPA BACT/LAER Clearinghouse, the South Coast Air
Quality Management District BACT Guideline, determinations made by other air districts, and published,
independently verified equipment performance and operating data. It is important to note that a listing in,
for example, the CAPCOA/CARB BACT Clearinghouse does not necessarily mean that that particular
determination is BACT or TBACT for the Bay Area Air Quality Management District; the listing may
merely be a candidate BACT or TBACT for this District. Recall that BACT is the most effective
emission control or the most stringent emission limitation and for the "achieved in practice" category,
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does not require a costeffectiveness justification. The calculation procedure is shown below in the Cost
Effectiveness Determination for BACT section for costeffectiveness for the "technologically
feasible/costeffective" BACT category.


Interpretation of TBACT


For the majority of applications, TBACT is the same as BACT, and the BACT/TBACT Workbook
determinations presented in Sections 2 through 11 identify TBACT as such. In most cases, the use of
TBACT will result in residual health risks that are within acceptable levels. In some cases, however,
additional risk reduction measures may be needed for a project to be approved. The need for risk
reduction measures is generally related to a source's proximity to residential receptors or other areas
where the public exposure may occur. For example, additional risk reduction measures are generally
required to mitigate fugitive emissions from a perchloroethylene dry cleaning facility located in an
apartment building. The need for, and extent of, additional risk reduction measures is determined on a
casebycase basis through sitespecific health risk assessment.


While TBACT is driven by risk reduction and there are no specific cost effectiveness triggers, the
economic impact of achieving the toxic emission reductions must be taken into consideration, as
discussed in Introduction. The fact that TBACT is generally the same as BACT demonstrates these
implicit cost considerations. Similarly, the criteria of commercial availability, reliability, and
demonstrated full scale operation and performance apply to TBACT as well as BACT.


In addition to the data sources cited in Interpretation of BACT above, EPA's MACT Database and
CARB's Air Toxic Control Measures (ATCMS) guidance documents can be searched. Specific TBACT
determinations that have been made by the Bay Area Air Quality Management District for commonly
permitted source categories and equipment are identified in Sections 2 through 11.


Cost Effectiveness Determination for BACT


For the purpose of calculating emission control costeffectiveness for BACT, the Bay Area Air Quality
Management District has adopted the "levelized cash flow method", otherwise commonly referred to as
the annualized cost method. The annualized method is simple to use and appropriate for the kinds of
abatement projects proposed in the great majority of the District's permit applications. It has been
approved for use by the California Air Resources Board's Office of Air Quality Planning and Liaison and
the U. S. Environmental Protection Agency's Office of Air Planning and Standards.


The costeffectiveness of an abatement system or strategy is defined as the ratio of the annualized cost of
that abatement system over the reduction in annual pollutant emissions achieved by the system for the
pollutant in question. Costeffectiveness can be estimated as follows:


Costeffectiveness =
(Annualized Cost of Abatement System ($/yr)) / (Reduction in Annual Pollutant Emissions
(ton/yr))


The reduction in annual pollutant emissions is the expected decrease in the source's pollutant emissions
from its baseline uncontrolled level, achieved by the installation of the abatement system under review.
This annual reduction can be calculated as the difference in emissions with and without the abatement
system, using Districtapproved standard emission factors or source test data and the permitted annual
usage or throughput limits expected in the operating permit. Simply put,


Reduction in Annual Pollutant Emissions (ton/yr) =
Baseline Uncontrolled Emissions  Control Option Emissions
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As noted above, the emissions reductions are calculated using realistic upper boundary operating
assumptions (permit limit conditions).


The annualized cost of the abatement system can be estimated from the installed cost of the control and
its expected annual operating and maintenance costs.


Annualized cost = Direct Costs + Indirect Costs


where Direct Costs (Sum of the Following):
Labor
Raw Materials
Replacement Parts
Utilities


and Indirect Costs (Sum of the Following):
Overhead (80% of Labor Costs)
Property Tax (1% of Total Capital Cost)
Insurance (1% of Total Capital Cost)
General & Administrative (2% of Total Capital Cost)
Capital Recovery (CRF x Total Capital Cost)


where Total Capital Cost = Installed Equipment Cost


The capital recovery factor (CRF) recognizes the time value of money and converts the up front capital
cost (the installed equipment cost) to an annualized cost.


The capital recovery factor (CRF) is given by:


              i (1 + i)n
CRF = 
            (1 + i)n  1 


where i = interest rate (assume i = 0.06, as determined below)


and n = lifetime of abatement system (assume n = 10 years unless shown to be different).


For example, when i = 0.06 (6 percent interest rate) and n = 10, the capital recovery factor CRF = 0.136.


The current District policy regarding the interest rate (to be used in costeffectiveness calculations) is
similar to the guidelines used by the California Air Resources Board.  First, take as a benchmark the
interest rate on United States Treasury Securities with a maturity that most closely approximates the
project horizon (typically 10 years), add 2 percentage points for incremental risk, and then round the total
up to the next higher integer.  Use of the 10Year Treasury Note interest rate (yield) averaged over the
previous 6 months will dampen the daily fluctuations of that index.  And the addition of two percentage
points and rounding up to the next higher integer rate will reflect more closely market conditions while
adding further assurance that the project can be financed near or below that final calculated interest rate.


For example, the benchmark average 10Year Treasury note interest rate for the first six months
of 2003 was 3.77%.  Adding 2 percentage points and rounding up results in the currently
recommended 6% interest rate for costeffectiveness calculations.  This methodology for determining
the interest rate can be easily followed; the relevant Treasury note data are readily available from
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financial publications or the Internet.  The interest rates resulting from this methodology are more
reflective of market conditions rather than the single fixed number originally used by the BACT/TBACT
Workbook.  Furthermore, use of this interest rate methodology would have generally followed the interest
rates used by CARB and U.S. EPA since the initial publication of this BACT/TBACT Workbook on June
30, 1995.  Looking back, the 10Year Treasury Note averaged over the first half of 1995 was 7.05%. 
Had the current District methodology been followed at that time, the calculated interest rate would have
been 7.05 + 2.0 = 9.05  rounded up to 10%, which was exactly the interest rate recommended by the
BACT/TBACT Workbook at initial publication.


For simple cases of costeffectiveness determinations where the details of operating and maintenance
costs, etc. are not readily available, a rough estimate of costeffectiveness can be obtained as follows:


Annualized Cost = 
Installed Equipment Cost x 
[ Capital Recovery Factor + Tax Factor + Insur. Factor + G & A Factor + Annual
Operating/Maintenance Factor ]


where:
CFR = 0.136
Tax = 0.01
Insur. = 0.01
G&A = 0.02
O&M = 0.05


It should be reiterated that this estimation method is to be used as a first cut projection when case or site
specific information is not available and not necessarily as a final costeffectiveness determination.
However, it can be useful for eliminating extreme control options or identifying control strategies worthy
of further consideration.


Finally, is clear that costeffectiveness needs to be determined or reviewed on a casebycase basis.
Inherent physical constraints on the source or at the site can significantly increase the cost of the
abatement system under review. Similarly, operational constraints can affect the costeffectiveness figure
by increasing or decreasing the potential annual emissions reduction. However, these operational
constraints should be reflected in enforceable conditions in the permit to operate (e.g., throughput or
usage limits).


Examples of costeffectiveness calculations are given in Appendix C1 and Appendix C2.


Maximum Cost Guidelines for BACT


As noted above, for BACT determinations based on the "achieved in practice" category, no cost analysis
is necessary. For the "technologically feasible/costeffective" BACT determinations, the District has
adopted guidelines for the maximum cost per ton of air pollutants controlled that would be considered
costeffective. These guideline cost maximums are consistent with the broad guidelines provided by the
California Air Resources Board's Office of Air Quality Planning and Liaison. The Bay Area Air Quality
Management District's guideline cost limits are as follows:


Pollutant Maximum Cost ($/ton)
POC = 17,500
NOx = 17,500
SO2 = 18,300
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CO        n/d
PM10 = 5,300
NPOC = 17,500


Note that the costeffectiveness trigger for NOx has been lowered to 17,500 dollars per ton, down from
the 24,500 figure of an earlier BACT Workbook draft. This brings the costeffectiveness trigger for NOx
in line with that for precursor organic emissions, and consistent with Regulation 2, Rule 2, Section 302,
which allows the interchangeability of NOx and POC emission offsets.


For spray booth coating operations, the following cost limits apply for controlling POC or NPOC
emissions:


A. Maximum cost of 17,500 $/ton for the following spray booth coating operations:
i) Aerospace parts coating operations complying with Regulation 8, Rule 29.
ii) Motor vehicle, rework/body shop coating operations complying with Regulation 8, Rule 45.
iii) Motor vehicle, assembly plant coating operations complying with Regulation 8, Rule 13.
iv) Coating operations which have reduced VOC emissions by < 35% through the use of low VOC
coatings and/or high transfer efficiency methods.
B. Maximum cost of 13,750 $/ton for the following spray booth coating operations:
i) Wood products coating operations complying with Regulation 8, Rule 32.
ii) Coating operations which have reduced VOC emissions by > 35% to < 80% through the use of low
VOC coatings and/or high transfer efficiency methods.
C. Maximum cost of 10,000 $/ton for the following spray booth coating operations:
i) Flat wood coating operations complying with Regulation 8, Rule 23.
ii) Metal coating operations complying with Regulation 8, Rule 19.
iii) Plastic coating operations complying with Regulation 8, Rule 31.
iv) Coating operations which have reduced VOC emissions by > 80% through the use of low VOC
coatings and/or high transfer efficiency methods.


The lower maximum cost allowed for specific spray booth coating operations is a recognition that these
specific operations have already significantly reduced their VOC emissions through the use of lower
VOC coatings and/or higher transfer efficiency methods. These emission reductions are reflected in the
more stringent requirements required under their applicable Regulation 8 rules. The high costs of addon
BACT controls such as afterburners and carbon adsorption units, relative to the costs of spray booths,
was also taken into consideration in setting the above cost limits.


The maximum cost of 17,500 $/ton will apply to any coating operation not listed above. Spray booth
coating operations proposing to use lower VOC content coatings and/or higher transfer efficiency
methods than those required by the existing applicable rules may be allowed to use a lower maximum
control cost, down to a minimum of 10,000 $/ton.


If the costeffectiveness number for a specific pollutant, calculated according to the procedures of this
Workbook, is less than the corresponding limit listed above, then the emission control or emission
limitation in question would be considered to be costeffective for the source under review operating
under typical representative conditions.


 








abcd
Power Environment
Environmental Control Systems


Reference List


Customer Plant/Unit Location Country
Capacity 


(MW)
Start 
Up


Name Name Date Fuel


Stockholm's Energi Prod AB Vartanverket PFBC 5 Stockholm SE 205 1991 Coal


Vasteras Stads Kraftvarmeverk Boiler 1 & 2 Vasteras SE 80 1992 Coal


Vasteras Stads Kraftvarmeverk Boiler 4 Vasteras SE 220 1992 Coal


Vasteras Stads Kraftvarmeverk Boiler 3 Vasteras SE 250 1993 Heavy Oil


Sydkraft AB Karlshamn Unit 3 Karlshamn SE 340 1994 Heavy Oil


Vattenfall Idbäcksverket Unit 3 Nyköping SE 110 1994 Multifuel


ENEL Rossano 1 & 2 Rossano Scalo IT 640 1995 Heavy Oil


Enstedvaerket Enstedvaerket Unit 3 Aabenraa DK 650 1996 Coal


Mirant Birchwood King George US 240 1996 Coal


Sydkraft AB Karlshamn Unit 2 Karlshamn SE 340 1996 Heavy Oil


ENEL Rossano 3 & 4 Rossano Scalo IT 640 1999 Heavy Oil


API Falconara Falconara Falconara IT 283 2000 Gas


EVN Energi KW Theiss Theiss AT 250 2000 Gas


Mirant Canal #1 Sandwich US 550 2000 Heavy Oil


TVA Paradise #2 Drakesboro US 704 2000 Coal


Mission Energy Homer City #1 Homer City US 685 2001 Coal


Mission Energy Homer City #2 Homer City US 685 2001 Coal


Air Pollution Control Systems for SCR
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Environmental Control Systems


Reference List


Customer Plant/Unit Location Country
Capacity 


(MW)
Start 
Up


Name Name Date Fuel


Air Pollution Control Systems for SCR


Mission Energy Homer City #3 Homer City US 693 2001 Coal


TVA Allen #3 Belmont US 330 2001 Coal


TVA Paradise #1 Drakesboro US 704 2001 Coal


East Kentucky Power Spurlock #2 Maysville US 550 2002 Coal


TVA Allen #1 Belmont US 330 2002 Coal


TVA Allen #2 Belmont US 330 2002 Coal


Virginia Power Chesterfield #5 Chester US 330 2002 Coal


East Kentucky Power Spurlock #1 Maysville US 350 2003 Coal


Henderson Municipal Power & Light Unit #2, Boiler #1 Henderson US 165 2003 Coal


SCE&G Wateree #1 Eastover US 372 2003 Coal


TVA Cumberland #1 Cumberland US 1300 2003 Coal


TVA Paradise #3 Drakesboro US 1050 2003 Coal


TVA Widows Creek #7 Stevenson US 575 2003 Coal


Virginia Power Chesterfield #4 Chester US 167 2003 Coal


Virginia Power Mt Storm #1 Mount Storm US 536.5 2003 Coal


Virginia Power Mt Storm #2 Mount Storm US 536.5 2003 Coal


Energi E2 Asnaes 5 Kalundborg DK 640 2004
Coal/ 


Orimulsion
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Air Pollution Control Systems for SCR


Henderson Municipal Power & Light Unit #2, Boiler #2 Henderson US 172 2004 Coal


SCE&G Wateree #2 Eastover US 372 2004 Coal


SCE&G Williams #1 Goose Creek US 640 2004 Coal


TVA Bull Run Clinton US 950 2004 Coal


TVA Colbert 5 Tuscumbia US 550 2004 Coal


TVA Cumberland #2 Cumberland US 1300 2004 Coal


TVA Kingston #1 Kingston US 160 2004 Coal


TVA Kingston #2 Kingston US 160 2004 Coal


TVA Kingston #3 Kingston US 160 2004 Coal


TVA Kingston #4 Kingston US 160 2004 Coal


TVA Widows Creek #8 Stevenson US 550 2004 Coal


Virginia Power Mt Storm #3 Mount Storm US 538 2004 Coal


Rocky Mountian Power Hardin 1 Hardin US 125 2005 Coal


TVA Kingston 5 Kingston US 160 2005 Coal


TVA Kingston 6 Kingston US 200 2005 Coal


TVA Kingston 7 Kingston US 200 2005 Coal


TVA Kingston 8 Kingston US 200 2005 Coal
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Power Environment
Environmental Control Systems


Reference List


Customer Plant/Unit Location Country
Capacity 


(MW)
Start 
Up


Name Name Date Fuel


Air Pollution Control Systems for SCR


EdF Le Havre 4 Le Havre FR 600 2006 Coal


EPZ Borssele BS-12 Borssele NL 400 2006
Coal/ 


biomass


Santee Cooper Cross 3 Cross US 550 2006 Coal


TVA Kingston 9 Kingston US 200 2006 Coal


EdF Cordemais 4 Cordemais FR 600 2007 Coal


EdF Cordemais 5 Cordemais FR 600 2007 Coal


La Snet Emile Huchet 6 Carling FR 600 2007 Coal


La Snet Provence 5 Gardanne FR 600 2007 Coal


Santee Cooper Cross 4 Cross US 550 2008 Coal


27,128
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(MW)
Start 
Up


Name Name Date Fuel
KW Münster Boiler 12 Münster DE 65 1986 Coal


KW Münster Boiler 15 Münster DE 65 1986 Coal


KW Heilbronn Boiler 7 Hailbronn DE 750 1986 Coal


GKW Mannheim AG / Werk I Boiler 18 Mannheim DE 475 1988 Coal


Saarbergwerke Bexbach DE 750 1988 Coal


Stadtwerke Bremen AG / Hasted Boiler 15 Hastedt DE 130 1989 Coal


GKW Bergkamen / STEAG Boiler A Bergkamen DE 747 1989 Coal


Stadtwerke Bremen AG / Hafen Boiler 6 Hafen DE 300 1990 Coal


Stadtwerke Bremen AG / Hafen Boiler 5 Hafen DE 140 1990 Coal


Bayernwerk AG Boiler 4 Ingolstadt DE 400 1990 Coal


Techische Werke Stuttgart AG Boiler 25 Münster DE 90 1991 Coal


Stockholm's Energi Prod AB Vartanverket PFBC 5 Stockholm SE 205 1991 Coal


Vasteras Stads Kraftvarmeverk Boiler 1 & 2 Vasteras SE 80 1992 Coal


Vasteras Stads Kraftvarmeverk Boiler 4 Vasteras SE 220 1992 Coal


GKW Mannheim AG / Werk II Boiler 19 Mannheim DE 480 1992 Coal


Vasteras Stads Kraftvarmeverk Boiler 3 Vasteras SE 250 1993 Heavy Oil


GKW Mannheim AG / Werk II Boiler 17 Mannheim DE 300 1993 Oil


GKW Mannheim AG / Werk II Boiler 16 Mannheim DE 430 1993 Oil


Sydkraft AB Karlshamn Unit 3 Karlshamn SE 340 1994 Heavy Oil


Vattenfall Idbäcksverket Unit 3 Nyköping SE 110 1994 Multifuel


ENEL Rossano 1 & 2 Rossano Scalo IT 640 1995 Heavy Oil


Enstedvaerket Enstedvaerket Unit 3 Aabenraa DK 650 1996 Coal


Mirant Birchwood King George US 240 1996 Coal


GKW Franken AG / Werk II Nümberg DE 600 1996 Coal


EPZ Amercentrale 8 Geertrudenberg NL 600 1996 Coal


Sydkraft AB Karlshamn Unit 2 Karlshamn SE 340 1996 Heavy Oil


ENEL Rossano 3 & 4 Rossano Scalo IT 640 1999 Heavy Oil


API Falconara Falconara Falconara IT 283 2000 Gas


Air Pollution Control Systems for SCR
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Environmental Control Systems


Reference List


Customer Plant/Unit Location Country
Capacity 


(MW)
Start 
Up


Name Name Date Fuel


Air Pollution Control Systems for SCR


EVN Energi KW Theiss Theiss AT 250 2000 Gas


Mirant Canal #1 Sandwich US 550 2000 Heavy Oil


TVA Paradise #2 Drakesboro US 704 2000 Coal


Mission Energy Homer City #1 Homer City US 685 2001 Coal


Mission Energy Homer City #2 Homer City US 685 2001 Coal


Mission Energy Homer City #3 Homer City US 693 2001 Coal


TVA Allen #3 Belmont US 330 2001 Coal


TVA Paradise #1 Drakesboro US 704 2001 Coal


East Kentucky Power Spurlock #2 Maysville US 550 2002 Coal


TVA Allen #1 Belmont US 330 2002 Coal


TVA Allen #2 Belmont US 330 2002 Coal


Virginia Power Chesterfield #5 Chester US 330 2002 Coal


East Kentucky Power Spurlock #1 Maysville US 350 2003 Coal


Henderson Municipal Power & Light Unit #2, Boiler #1 Henderson US 165 2003 Coal


SCE&G Wateree #1 Eastover US 372 2003 Coal


TVA Cumberland #1 Cumberland US 1300 2003 Coal


TVA Paradise #3 Drakesboro US 1050 2003 Coal


TVA Widows Creek #7 Stevenson US 575 2003 Coal


Virginia Power Chesterfield #4 Chester US 167 2003 Coal


Virginia Power Mt Storm #1 Mount Storm US 536.5 2003 Coal


Virginia Power Mt Storm #2 Mount Storm US 536.5 2003 Coal


Energi E2 Asnaes 5 Kalundborg DK 640 2004 Coal/ Orimulsion


Henderson Municipal Power & Light Unit #2, Boiler #2 Henderson US 172 2004 Coal


SCE&G Wateree #2 Eastover US 372 2004 Coal


SCE&G Williams #1 Goose Creek US 640 2004 Coal


TVA Bull Run Clinton US 950 2004 Coal


TVA Colbert 5 Tuscumbia US 550 2004 Coal


TVA Cumberland #2 Cumberland US 1300 2004 Coal
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Environmental Control Systems


Reference List


Customer Plant/Unit Location Country
Capacity 


(MW)
Start 
Up


Name Name Date Fuel


Air Pollution Control Systems for SCR


TVA Kingston #1 Kingston US 160 2004 Coal


TVA Kingston #2 Kingston US 160 2004 Coal


TVA Kingston #3 Kingston US 160 2004 Coal


TVA Kingston #4 Kingston US 160 2004 Coal


TVA Widows Creek #8 Stevenson US 550 2004 Coal


Virginia Power Mt Storm #3 Mount Storm US 538 2004 Coal


Rocky Mountian Power Hardin 1 Hardin US 125 2005 Coal


TVA Kingston 5 Kingston US 160 2005 Coal


TVA Kingston 6 Kingston US 200 2005 Coal


TVA Kingston 7 Kingston US 200 2005 Coal


TVA Kingston 8 Kingston US 200 2005 Coal


EdF Le Havre 4 Le Havre FR 600 2006 Coal


EPZ Borssele BS-12 Borssele NL 400 2006 Coal/biomass


Santee Cooper Cross 3 Cross US 550 2006 Coal


TVA Kingston 9 Kingston US 200 2006 Coal


EdF Cordemais 4 Cordemais FR 600 2007 Coal


EdF Cordemais 5 Cordemais FR 600 2007 Coal


La Snet Emile Huchet 6 Carling FR 600 2007 Coal


La Snet Provence 5 Gardanne FR 600 2007 Coal


Santee Cooper Cross 4 Cross US 550 2008 Coal


Tejo Energia (Pegop) Pego 1&2 Abrantes PT 630 2008 Coal


Energi E2 Amagervaerket Copenhagen DK 150 2009 Coal/biomass


Xcel Comanche 3 Pueblo US 750 2009 Coal


CPS San Antonio JK Spruce 2 San Antonio US 750 2010 Coal


31'818
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ABSTRACT 
 
Since 1998, SCR NOx control has been installed on more than 100 GW of coal-fired capacity in 
the U.S.  The design basis for these applications was experience from Japan, accumulated since 
1978 mostly on coals with less than 1% sulfur content, and from Europe, accumulated since 
1987 mostly on coals with less than 1.5% sulfur content.  
 
The U.S. experience reveals several lessons not evident from prior observations.  Among those 
most broadly witnessed are: (a) the significant role of large particle ash (LPA), (b) widespread 
use of static mixers to achieve high NOx removal, (c) almost universal migration by suppliers to 
low SO2 oxidation catalysts, (d) implementation of reagent-based SO3 mitigation systems, and 
(e) frequent accumulation of ash within the reactor and required intermittent cleaning, 
particularly on PRB coal.  Other trends less broadly adopted are the use of aqueous ammonia and 
urea for reagent and temporary reactor operation at low temperature to eliminate economizer 
bypass. 
 
Each lesson imposes cost and operating consequences that can be either detrimental or 
beneficial.  Specifically, LPA impacts can be significant, but a $300-500K investment in 
modeling and retrofitting LPA screens can be recovered in two years through lower catalyst cost.  
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Also, the relatively modest cost for static mixers – usually about $500K for acquisition and 1 in 
w.g. pressure drop – can add several percentage points to NOx removal, proving significant near-
term payback.  Perhaps most significantly, the annual cost for reagent to mitigate SO3 - 
depending on the specific process - can approach the annualized cost for catalyst supply.  
 
These and other lessons from the continually-evolving U.S. experience are reviewed, and the 
cost and performance implications for a 500 MW plant quantified. 
 
INTRODUCTION 
 
Significant SCR capacity on coal-fired power plants has been installed in the U.S. since 1997, 
most in response to the 1995 NOx SIP-Call.  The timing of installation is shown in Figure 1, 
which presents the year of unit startup.  Figure 1 suggests that by the end of 2005, the 100th GW 
of SCR-equipped capacity became operational.   
 


Figure 1.  Coal-Fired Capacity of SCR Retrofits, By Startup Year 
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The inventory of SCR-equipped units will continue to grow – Figure 1 shows that between 2006 
and 2012, approximately 20 GW of additional capacity are planned, predominantly to meet 
Phase I CAIR mandates.  EPA and industry sources estimate an additional 10-20 GW of capacity 
will be installed by 2015, to meet Phase II CAIR mandates.  The state-of-art of SCR that has 
evolved and is anticipated to be deployed differs from early U.S. applications.  Key evolutions 
are summarized in this paper.  
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TECHNOLOGY EVOLUTION AND CATALYST PRICE 
 
Catalyst technology has evolved significantly.  The first-generation SCR applications in Japan 
targeted 50-70% NOx removal, with residual NH3 of 5 ppm, and generally did not specify a limit 
on SO2 conversion.  Development focused on catalyst longevity and performance, with early 
grid, plate, and pipe-type geometries offered.  Development also focused on mechanical 
integrity, and simply avoiding erosion.  As catalyst technology was relatively new, prices were 
initially high.   
 
Figure 2 depicts the trend in catalyst prices cited in public literature.  Figure 2 shows that catalyst 
prices – on the dollar basis of the year reported and thus not adjusted for escalation - have 
decreased from approximately $16,000/m3 to less than $4000/m3.  Significantly, present-day 
demands on catalyst technology far exceed those from the early applications – NOx removal of 
90% is the usual design target, with control of residual NH3 to 2 ppm, and SO2 oxidation to 
usually less than 1%, and in many cases to less than 0.5%.  Further, the catalyst substrate is 
desired to be able to withstand numerous one cleaning or regeneration procedure, and in some 
cases a guarantee for Hg oxidation. 
 


Figure 2.  Catalyst Unit Costs with Time 
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The simultaneous decrease in catalyst price and expansion in demand has provided a challenging 
environment for catalyst suppliers.  At present prices of catalyst and ammonia feedstock (e.g. 
natural gas), the supply of catalyst is no longer the major contributor to SCR operating cost, and 
can be significantly less than reagent costs, or costs to mitigate SO3.  
 
REFERENCE CASE 
 
A 2006 state-of-art SCR application for retrofit to an existing unit will exhibit a variety of 
performance-enhancing features, that incur either capital or operating cost (or both), but provide 
benefit.  As background, it is instructive to consider the SCR cost components for a 500 MW 
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coal-fired unit, which provides a basis for comparing the cost impacts of factors unique to the 
U.S. experience, as well as remedial methods. 
 
Table 1 summarizes the key SCR cost components for a 500 MW medium sulfur (2.6%%) 
bituminous coal-fired unit, operating at 85% capacity factor, with SCR operation initiating on an 
annual basis in January of 2007.  The SCR process is designed for 88% NOx removal from 
0.40 lbs/MBtu, SO2 oxidation of 1.5%, and employs a 3+1 reactor layout.  Incurred costs for 
SCR are reported as net present value (NPV) basis, for a seven year period (through 2013). 
 
Table 1.  SCR Cost Components: 500 MW Reference Case, 7 Years Annual Operation 
Cost Element ’07-13 


NPV, $M 
Comment 


Catalyst Addition/Replacement 4.4 Based on $6200/m3, four events from ’07-13 
Reagent Supply 8.6 Delivered reagent cost: $250/ton 
Labor for Catalyst Replacement 0.064  
Flue Gas Fan Auxiliary Power  0.54 Aux power charge of $20/MWh 
Note:  Capacity factor 85%, catalyst cost $6,200/cubic meter, initial guarantee life of 16,000 hours, delivered 
reagent cost of $250/ton, power cost @$20/MWh 
 
Table 1 shows reagent supply comprises the largest component, followed by catalyst supply, flue 
gas fan auxiliary power, and labor for catalyst replacement.  Key lessons from the 100 GW of 
experience in the U.S. will be cast in terms of impact on capital and operating cost, and 
compared to Table 1 results. 
 
WHAT HAVE WE LEARNED? 
 
The U.S. experience since 1995 has taught us: 
 


• SCR capital cost has exceeded anticipated and projected values, 
• NOx removal performance, based on 5 month operation, is near design targets and 


generally supports compliance needs, 
• LPA has emerged as a key issue; but remedial action is low cost and evolving, 
• SO2 oxidation is perhaps the most significant “unintended consequence”, and imposes 


new constraints on design and additional significant operating cost, 
• Uniformity of reagent mixing has evolved from 5-10% RMS basis, to consistently less 


than 5%, and in some cases 3-4%; to achieve these targets static mixers, if not essential, 
are the clear “technology of choice”, 


• Sonic horns provide a lower cost alternative to sootblowers; however cleaning problems 
may justify both, 


• Urea is proven as feasible alternative to ammonia reagent, to simplify permitting 
obstacles and reduce (possibly misplaced) safety concerns, and  


• Hg oxidation is evolving and could soon equate in importance to control of NOx. 
 
Each of these is considered in the following, including where possible a quantitative evaluation 
of costs. 
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CAPITAL COSTS HIGHER THAN PROJECTED 
 
The capital cost of SCR has evolved with time, and significantly exceeds early estimates 
developed in the mid-1990s by EPA(1).  This escalation has been witnessed in spite of the 
considerable decrease in catalyst unit cost depicted in Figure 1.  Three surveys have documented 
the increase in SCR capital cost(2, 3, 4).  The findings from these surveys are not directly 
comparable to each other, as all utilize a different unit population, and a reference year basis.  
Further, important factors such as the scope of equipment supply and construction labor rates 
have not been normalized.  Regardless, Table 2 shows that initial cost projections by EPA of 
$55-90/kW, based on early and perhaps atypical applications and market conditions, were not 
realized.  The reasons may never be known without a detailed autopsy of actual incurred project 
costs.  It is likely the initial estimates were low due as (a) strong competitive forces, with 4-5 
major suppliers competing for a limited number of projects, (b) relaxed performance target 
between 60 and 80% NOx removal, demanding less equipment and engineering compared to 
present-day applications, and (c) degree of retrofit difficulty of the first sites, that although not 
simple did not reflect the design challenges of recent for SIP-Call units.   
 
Table 2.  SCR Capital Cost Survey Results 
Reference Average Capital, 


MW  
($/kW) 


Low-High Cost 
Observed 
($/kW) 


Observation 


Hoskins, 2003 120 (400 MW) 80-160 Cost Basis: 2002. 15 of 20 reported 
unit costs exceeded $100/kW.  
Weak relationship of unit cost and 
scale.  


Cichanowicz, 
2004 


81 (600-899 MW) to 
123 (100-399 MW) 


56-185 Cost Basis: 2003. For four 
categories of generating capacity, 
the least cost units were among the 
first installed. 


Marano, 2006 118 (>900) to 167 
(<300 MW) 


Most costs 
reported to be 
within 100-200 


Cost Basis: 2005. “Units with a 
capacity of 600 to 900 MW appear 
to be more difficult to retrofit than 
those in other size ranges.” 


 
The most significant observations from Table 2 are the paucity of units with reported costs 
< $100/kW, and lack of a correlation with generating capacity.  With regard to the latter, 
Cichanowicz(3) shows capital cost actually can increase (per unit basis, or $/kW) at higher 
generating capacities.  Similarly, Marano(4) concludes that units of 600-900 MW are more 
difficult to retrofit with SCR than other sizes.  The challenge of large capacity retrofit is likely 
due to the increased complexity of the site.  The case of Duke Energy’s Belew’s Creek Station, 
where the construction “laydown” area was one mile from the unit has been well documented(5).  
Marano(4) notes the early SCR adopters incurred lower capital cost, with the year of 2003 
recognized as a milestone after which costs increased significantly. 
 
Lesson Learned.  As SCR is deployed on an increasing fraction of generating capacity, the 
remaining host sites are becoming less amenable to retrofit.  Compounding the increasing 
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complexity of site are greater demands on the process.  The early SCR installations, in hindsight, 
may not have reflected to bulk of the U.S. boiler population.  
 
NOX REMOVAL PERFORMANCE 
 
If the cost of SCR has exceeded projections, then so has NOx control performance.  NOx 
emission rate data available from the EPA Clean Air Markets website 
(www.epa.gov/airmarkets/emissions/raw/index.html) for 2005 shows that SCR equipment is for many 
units providing 90% NOx control, achieving low levels of outlet NOx, and generally meeting 
industry’s needs. 
 
Figure 3 presents a plot of outlet NOx emission rate as reported to the EPA website, comparing 
data reported for the third quarter of 2004 and 2005.  Notably, in 2004 approximately 28% of the 
units achieved a 5 month average of 0.06 lbs/MBtu, or less; the fraction of units achieving this 
outlet rate increased to 42% in 2005.  
 


Figure 3.  NOx Outlet Emissions in 3Q: 2004 vs. 2005 


 
 
How were these reductions in 2005 achieved?  Examining the hourly NOx data is revealing.  
Figure 4 shows the cumulative distribution of NOx data as measured in 2004 and 2005 for a 
medium high sulfur coal-fired unit.  Figure 4 is prepared by ordering the entire population of 
data from lowest to highest NOx emission rate, and plotting this rate as a fraction of the total 
population.  Compared to data in 2004, the data in 2005 is distinguished by a relatively small 
population above 0.20 lbs/MBtu.  The essence of Figure 4 can be captured by noting the NOx 
emission rates that typify the 5% and 95% population – that is, NOx emissions at which 5% and 
95% of the data are below.  Figure 4 shows that in 2004, 5% of the operating time NOx exceeded 
0.20 lbs/MBtu – suggesting either partial or compromised performance of instrumentation and 
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control systems, reagent feed system, partial blockage of catalyst, inadequate distribution of 
NH3, or any other reason.  These issues were corrected in 2005. 
 


Figure 4.  Cumulative Distribution of NOx Emission Rates: 2004 vs. 2005 
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Comparing the 5% and 95% NOx emission rates for several units shows that eliminating the data 
population with high NOx is usually responsible for achieving low NOx for an ozone season.  
Figure 5 compares 2004 versus 2005 NOx data for 6 units, showing the mean values and those 
characterizing 5% and 95% of the data.  Four of these units reduced ozone season NOx in 2005 
by eliminating many of the incidents of high (e.g. 95%) NOx emissions.  One unit incurred 
higher 2005 seasonal NOx as the data population with high NOx increased.  Figure 5 suggests 
that process upsets and equipment malfunctions are being eliminated as experience increases, 
resulting in lower seasonal NOx values. 
 
Of the 101 units reporting to the EPA website with single stack data, most exhibited a decrease 
in NOx in 2005, when comparing third quarter data with 2004.  Specifically, 52 units reported 
lower NOx, while 28 were unchanged and 21were higher.  
 
Lesson Learned.  A significant number of SCR equipped units – over 40% - can achieve on a 
seasonal basis a NOx emission rate of 0.06 lbs/MBtu, or less.  SCR NOx outlet levels have been 
reduced in 2005 by improving equipment reliability so that the fraction of data incurring high 
NOx “peaks” is reduced.  
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Figure 5.  Mean, 5%, and 95% Percentile Emission Rates: 2004 vs. 2005 
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THE GENERATION AND ROLE OF LARGE PARTICLE ASH (LPA) 
 
Perhaps the most significant and unprecedented phenomena experienced in the U.S. is the 
generation and accumulation on catalyst surfaces of large particle ash (LPA) – historically 
referred to as “popcorn ash”.  In general, LPA is defined as particles that are 4-7 mm in 
characteristic dimension, of adequate dimension to lodge within the openings of grid- or plate-
type catalysts.  LPA asserts an impact on catalyst performance that is separate and 
distinguishable from conventional fly ash. 
 
The genesis of LPA is not clear – most perplexing was the infrequent observation of LPA in 
early SCR applications in Germany, where the rare occurrence was viewed atypical.  It is also 
unclear why U.S. SCR applications have been so prone to LPA-induced reliability problems.  
Several reasons have been speculated:  the composition of coal that is fired, degree of 
combustion staging and low NOx firing conditions, and the physical geometry of the furnace and 
convective section.  Ryan(6) speculated that LPA was generated from the convective section, and 
further that 100% capture of particles 5 mm and greater would be necessary to protect the 
integrity of a conventional 7 mm pitch catalyst.  It is interesting to note that most SCR 
applications in Germany have been on tower design boilers, in which the convective section is 
located directly above the radiant zone.  If LPA is generated as a consequence of sootblowing 
furnace walls and the subsequent fragmentation of deposits, the geometry of the tower design 
boiler may provide a barrier to penetration of LPA particles to the SCR reactor.  In U.S. 
applications, where the Carolina-type boiler geometry is predominant, there is a smaller physical 
barrier between the convective section and the reactor.  Further, some observers have noted 
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minor accumulation of LPA within air heater prior to SCR retrofit, only to experience 
significance LPA plugging after SCR retrofit.  It is possible the change in ductwork preceding 
the SCR reactor – and possibly the loss of the economizer hopper and increase in flue gas 
velocities at the economizer exit – are responsible for a higher degree of LPA reporting to the 
SCR reactor. 
 
Several mitigation methods exist and have been summarized by Ryan(7) and Gretta(8).  First, 
frequently evacuating the economizer ash hoppers and implementing minor modifications to 
encourage LPA capture and minimize re-entrainment are the least cost options.  Next, installing 
screens and baffles to deflect LPA to the economizer hoppers encourages LPA removal.  
Expanding ductwork to slow flue gas velocity, and increasing hopper slope angles to retain more 
LPA is effective but can require significant ductwork modifications.  The screens and baffles can 
be rigid and fixed as described by Ryan(7), or flexible as described by Gretta(8).  Designs can be 
modularized allowing replacement of screens, which may erode in high velocity areas.  One 
screen design employs a robust, erosion-tolerant, self-cleaning design that, depending on space 
available and capital cost, may be appropriate(9).  Screen material can be uncoated if ductwork 
velocities are consistently less than 40 aft/s, but may require flame-spray coating if velocities 
exceed 60 aft/s.  McLaughlin(10) recommends that economizer hoppers be enlarged as part of any 
SCR retrofit, particularly if baffles or screens are employed.  These mitigation methods are 
offered by individual suppliers or boiler manufacturers, for both new and existing applications.  
Finally, the design of ductwork routing flue gas to the SCR reactor should be maintained at 
modest levels, generally not exceeding 40-45 aft/s, to encourage particle drop-out.   
 
LPA remedies provide cost-effective means to prevent premature deterioration of SCR 
performance.  Table 4 summarizes the cost impact of LPA mitigation methods and benefits for 
the reference 500 MW unit.  The capital cost for a simple rigid screen can require from $200K 
up to $500 K installed, for an erosion-tolerant design to accommodate high flue velocities, and 
include exotic material of construction.   Operating costs can be 1 in w.g. pressure drop, and an 
additional $150 K every 2 years to replace eroded screen panels.   
 
For the reference plant in Table 1, the 7 year NPV for these costs elements is approximately $1.1 
M, which can be recovered over any of three scenarios.  First, this $1.1 M cost can be recovered 
by avoiding a single outage, or accelerating an outage, to clean catalyst.  Alternatively, as shown 
in Table 3, simply providing for an increase in open area by 10 percentage points – e.g., reducing 
plugging so that a reactor 80% open (20 % plugged) can be 90% open (10% plugged) - provides 
at least 2% additional NOx removal at the same residual NH3 limit.  The NPV of the additional 
NOx removed over the 7 year period significantly exceeds the cost of adding screens.  
Alternatively, the LPA remedy prevents catalyst replacement rate from being accelerated to meet 
the same performance targets – maintaining the open reactor area by an additional 10 % will 
avoid the purchase of one more layer of catalyst over the seven year period.  The NPV of these 
actions is reported in Table 3.  
 
LPA Lesson Learned.  For a variety of reasons stemming from coal properties, low NOx firing 
conditions, or boiler design, U.S. SCR-equipped units have been prone to LPA.  Experience to 
date suggests perhaps 1 in 4 or 1 in 5 units are susceptible to some impact.  LPA mitigation 
methods that are state-of-art require modest cost, and provide significant benefit. 
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Table 3.  LPA Mitigation Cost, Benefits: 7 Year NPV Basis 
Item Capital 


Cost 
(EOY 
2006) 


Other Fixed 
Charges 


Annual 
Cost  


($000) 


LPA 
NPV 
($M) 


Benefit/NPV 


LPA 
Mitigation 


500 $150K screen 
replacement 
at 24 months 


60 1.1 Consistently achieve 
additional 2% NOx removal 
over 7 years. 
NPV: $13.5 


     Prevents need for 5 catalyst 
events over 7 year period, 
saving $1.5 M 


 
SO2 Oxidation 
 
The ability of SCR catalyst to oxidize a portion of SO2 to SO3 has been recognized as a potential 
issue since early designs, derived from experience on lower sulfur coals in Japan and Germany, 
were adapted to higher sulfur environment in the U.S.(11).  In the early 1990s, in Germany there 
were several occasions of SCR-induced sulfuric acid particle generation and drop-out(12).  
Catalyst suppliers recognized the need to mitigate SO2 conversion, and began development of 
lower SO2 conversion designs; however not all procurement specifications in the evolving U.S 
market called for SO2 oxidation below 1.5%.  Many industry participants envisioned that 
specifying low SO2 oxidation catalyst would place a product at a competitive disadvantage, as 
historically low SO2 conversion catalyst has required for some suppliers 20-30% greater volume 
to achieve the same level of NOx and residual NH3 control. 
 
Controlling SO2 became of paramount importance after the first broadly witnessed SO3 
plume(13).  Subsequent to this milestone event in 2001, controlling SO2 oxidation has evolved to 
be of equal significance in SCR design as NOx control.  This is due to additional SO3 control 
requirements that have been imposed, as SO3 plumes have come under scrutiny of local 
regulators.  In response, some local jurisdictions have implemented SO3 limits of 5 ppm or less, 
significantly lower than the pre-SCR value.  As of this writing, at least six states are known to be 
contemplating SO3 limits on power stations, triggered by the implementation of SCR.  
 
Consequently, all catalyst suppliers have further explored low SO2 designs.  With capabilities of 
different catalyst for NOx and residual NH3 becoming similar, SO2 oxidation can be a key 
deciding point for replacement or initial inventory catalyst.  At least one eastern bituminous coal-
fired unit of greater than 1000 MW capacity has replaced one layer of the initial inventory of 
catalyst with a low SO2 oxidation variety; and further the authors have advised several catalyst 
decisions where the deciding factor has been SO2 oxidation, not control of NOx.  The only 
downside is that depending on the catalyst supplier, low SO2 oxidation designs can require 
greater catalyst volume to meet the same NOx removal and residual NH3 performance.  This 
trend does not reflect all suppliers, and evolving technology may provide alternatives(14), but 
recent procurement actions suggest this trend is valid at present. 
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A key impetus to minimize the SO2 oxidation is to reduce the relatively high operating cost for 
reagent-based SO3 mitigation methods.  Dombrowski(15) has shown that reagent costs alone to 
lower SO3 from 40 to 3 ppm can range from $1.2-1.5 M annually, for any of the sodium, 
magnesium, or calcium-based sorbents.  This cost rivals that for annual SCR reagent supply and 
can exceed catalyst replacement charges. 
 
Table 4 summarizes the cost impact of specifying low SO2 conversion catalyst.  For the reference 
unit in Table 1, it is assumed a low SO2 conversion catalyst of 0.3% is available but requires 
20% more catalyst to achieve the same degree of NOx control as the “baseline” 1.5% SO2 
oxidation catalyst.  As a consequence the SO3 exiting the SCR reactor is reduced from 
approximately 45 to 23 ppm (at 3% O2).  If the unit is required to meet a strict SO3 limit of 
< 5 ppm and uses any of the reagent-based methods, the lower SO3 generated translates into a 
reduction in reagent consumption. 
 
Table 4.  Cost Summary: Low SO2 Catalyst and SO3 Remediation 
Case Initial Catalyst 


Volume  
(m3) 


Catalyst Layers 
Purchased In 7 


Years 


7 Year NPV 
Cost  


($M, NPV) 


SO3 Reduction 
Cost  


($M, NPV) 
Baseline 3 layers at 220 


each 
4 4.4 N/A 


Low SO2 (0.35% 
oxidation) Case 


3 layers at 264 
each 


4 5.3 1.3 


Low SO2 (0.35% 
oxidation) Case 


3 layers at 220 
each 


6 6.7 2.3 


 
Depending on reactor and catalyst layer design, higher cost can be incurred in two modes, which 
are shown in Table 4.  If the catalyst layer height can be expanded from the initial design, higher 
costs will be incurred for a 20% greater initial inventory, and commensurately larger addition or 
replacement layers.  Alternatively, if the catalyst layer height cannot be increased, the catalyst 
replacement rate will be increased to compensate for the lower activity (with respect to NOx) 
catalyst.  
 
Table 4 shows that compared to the baseline case, catalyst costs (7 year NPV) can be $1.3M 
greater if an enlarged quantity of initial and replacement catalyst is used to achieve the same NOx 
reduction/residual NH3 target.  Alternatively, if reactor design limits the catalyst volume in each 
layer, more frequent catalyst changeout is required and a 7 year NPV of $6.7M may be incurred, 
representing an increase by $2.3M. 
 
Any additional costs for lower SO2 oxidation catalyst are either fully or partially compensated 
for by lower operating costs for reagent-based SO3 mitigation.  As shown in Table 5, reagent cost 
to provide 80-90% SO3 removal can be reduced for the reference case between $155,000 to 
$440,000 annually.  These costs equate to a 7 year NPV of almost $1M to $2.7M, and may not 
completely offset the higher catalyst management costs.  However, lower SO3 provides benefits 
beyond the scope of this paper. 
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Table 5.  Reduction in SO3 Mitigation Cost Due To Lower SO2 Oxidation Catalyst 
Reagent Delivered 


Cost ($/ton) 
Stoichiometric 
Ratio (X/SO3) 


Reduction in 
Annual Cost 


(~80-90% Removal) 


7 Year Cost  
($M, NPV) 


Hydrated Lime  100 3/1 285,000 1.7 
Trona 125 2/1 155,000 0.95 
NaHSO3 250 1.2 440,000 2.7 
 
Lesson Learned.  Specification of SO2 oxidation – to 0.75% and possibly to as low as 0.30 % - 
for replacement or for new catalyst inventory is evolving to be of equal importance to control of 
NOx and residual NH3.  The use of extremely low SO2 oxidation catalyst can – depending on the 
supplier –increase catalyst volume and alter management strategy.  Higher catalyst management 
costs can be partially or completely offset by reduced reagent for SO3 mitigation.  
 
REAGENT MIXING 
 
The ability of to mix NH3 with NO is perhaps the most important factor in determining – and 
maintaining – high NOx removal and low outlet NOx emissions.  Criteria for NH3/NO uniformity 
for present-day SCR design of 90% NOx removal and 2 ppm residual NH3 is specified to be less 
than 5%, where the degree of uniformity is based on a RMS or coefficient of variation basis. 
 
Reagent mixing technology has evolved significantly from the first SCR applications, which 
were based on the design criteria in Europe to control of NOx to a nominal 100 ppm per unit, and 
required on average 80-85% NOx reduction.  This level of control was usually achieved with a 
grid-type array of injectors, with occasional use of static mixers.  The early grid-type injectors at 
the time could feature over 1000 individual injection nozzles on one unit – offering flexibility in 
NH3 control, but potential maintenance issues.  One of the early SCR installations in the U.S. – 
the Orlando Utilities Commission Stanton Unit 3 – featured static mixers.  In general, an SCR 
specification for NH3/NO ratio in the mid 1990s might require 5-7% NH3/NO, but recent needs 
are evolving to be less than 5% and in some cases 3-4%. 
 
At present, most SCR installations will employ some type of static mixer to achieve this level of 
NH3/NO mixing.  There are several options by which to acquire static mixer technology - some 
proprietary to a process or boiler supplier, with others available for unrestricted use.  Three 
boiler suppliers offer an exclusive technology: Babcock-Power offering the delta-wing, Siemens 
both the Parmix and Turbomix designs, and Babcock & Wilcox developing a proprietary design, 
in addition to their “bat-wing” particle knock out device.  Individual suppliers such as Koch and 
Sulzer offer static mixers for any boiler or SCR process application.  Significantly, static mixers 
provide a more uniform flux of NOx, temperature, and induce mixing of NH3 and NO with a 
simple system.  Although static mixer use is prevalent, it is not a requirement for success – 
several installations such as the AES Somerset and First Energy’s Mansfield station have 
achieved at or near 90% NOx removal with conventional grid-type systems. 
 
Figure 5 depicts the degree of NH3/NO uniformity achieved after tuning the ammonia injection 
grid (AIG) on numerous SCR reactors, and considering six different reagent injection schemes,  
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Figure 5.  NH3/NO Uniformity (RMS Basis): Various Reagent Injection Schemes 
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including four different static mixer designs.  Figure 5 suggests static mixers of any design will 
improve NH3/NO uniformity compared to multiple injectors alone. 
 
The cost of installed static mixers will vary – units with reactor inlet ductwork well above grade 
can incur major structural costs to support the additional mass.  As an example, a 500 MW unit 
may incur an installed capital cost of $750K, and induce an additional 1 in w.g. of flue gas 
pressure drop.  The 7 year NPV cost incurred for this mixing system can be $1.05M.   
 
Equally important to achieving good NH3/NO uniformity is retaining it.  Figure 6 compares the 
NH3/NO ratio for eight SCR reactors, comparing the (a) as-found state, after at least one year of 
operation after startup, and (b) immediately after tuning.  Figure 6 suggests that an investment in 
annual tuning – $30K-$50K depending on the unit size – can consistently reduce NH3/NO 
unmixedness by 2-5%, RMS basis.   
 
The benefit of employing static mixers and frequent tuning to reduce unmixedness in NH3/NO 
can be quantified.  For the hypothetical plant reported in Table 1, reducing the NH3/NO ratio 
from 7 to 3% RMS basis can either increase NOx removal at the same residual NH3, or extend 
catalyst life at the same NOx removal.  Table 6 summarizes the benefits of the latter, showing 
that maintaining the lower NH3/NO ratio can eliminate one layer of catalyst purchased over a 
seven year period, saving $1.1 M.  Even after accounting for the $0.17 M NPV cost for 
outsourced tuning ($50 K at 18 month internals), significant savings are derived.   
 
Lesson Learned. The requirement to achieve 90% NOx removal and 2 ppm residual NH3 requires 
NH3/NO uniformity significantly less than 5%, and perhaps to 3%, as measured on a RMS basis.  
There is no guarantee that this degree of unmixedness can be achieved, or attained consistently 
after startup.  Static mixers, although perhaps not essential to meet these strict requirements, 
enables achieving these levels. Annual tuning of the AIG can also help maintain NH3/NOx 
uniformity and reduce operating costs. 
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Figure 6.  NH3/NO Uniformity: As-Found, Newly Tuned 
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Table 6. Catalyst Savings Due to Improved NH3/NO Uniformity (90% Design Target)  
Case Initial Catalyst 


Volume 
NH3/NO 


Uniformity 
(% RMS) 


Catalyst Layers 
Purchased In 7 


Years 


7 Year Cost  
($M, NPV) 


Baseline 3 layers at 220 
m3 each 


3 4 4.4 


As-Found Same 7 5 5.5 
 
Catalyst Cleaning:  Sonic Horns 
 
The use of sonic horns in maintaining a clean catalyst has progressed in 10 years from 
experimental to a standard design practice.  In 1998, a fact-finding trip by EPRI to SCR-
equipped units in Europe identified only several units experimenting with sonic horns, some 
exploring side-by-side trials with sootblowers.  In the U.S., as recently as 1999, few units 
featured sonic horns – the first reportedly tried in the U.S. at Orlando Utilities Commission 
Stanton Unit 3.  The use of sonic horns in the U.S. has risen steadily to where approximately half 
of the new retrofit or new units are designed to include sonic horns; one supplier claims 
installation on 100 reactors 
 
Sonic horns are reported to not remove ash deposits but prevent accumulation on catalyst 
surfaces.  Early European and U.S. experience suggested sonic horns maintained catalyst as 
clean as sootblowers, but for less capital and operating cost.  Also of importance, sonic horns are 
reported to require less preventative maintenance, and cannot damage catalyst through either 
high pressure operation, or through steam leaks.  
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Sonic horn capital cost can be 25% of that required for steam sootblowers, thus a single layer of 
catalyst can be equipped with sonic horns for $40,000-100,000 depending on the size of the unit. 
In comparison, traveling-rake steam sootblowers can require an installed cost of $120,000-
160,000.  Operating cost savings can be significant – one supplier reports that the auxiliary 
power to operate two sonic horns at the conventional frequency (10 seconds every 10 minutes) 
equates to about $1 per day.  The cost for operating steam sootblowers depends on the quantity 
of steam required, and how that steam is valued – as either a heat rate penalty, or a capacity 
penalty, or both.  At the 250 MW Birchwood Generating Facility in Virginia, where both 
cleaning modes were compared side-by-side, operators report maintaining the 1.5 layers of 
catalyst clean with sonic horns requires a daily operating cost of less than $4/day, compared to 
approximately $41/day for conventional sootblowers.  For the 500 MW reference unit equipped 
with a 3+1 SCR reactor design, the total investment for sonic horns including installation could 
approximate $275K, with $5K required annually for power.  Travel-raking sootblowers could 
require $550K, with $20K required annually in the value of steam consumed.  Based on these 
assumptions, sonic horns provide a saving on a 7 year NPV basis of $375K ($305K for sonic 
horns vs. $680K for sootblowers).  In the present-day competitive utility market, these savings 
cannot be ignored – as long as equivalent cleaning is provided. 
 
In terms of operation, traveling rake sootblowers can require significant maintenance, and 
damage the catalyst if steam leaks and condenses on the catalyst surface, or excessive cleaning 
pressure if used above recommended values.  For sonic horns, the intrusion of moisture and fly 
ash, particularly PRB ash, into the horn casing can plug the horn and compromise operation.  
Condensation of moisture that penetrates the housing and enters the horn is promoted by the 
expanding compressed air that drives the horn and lowers temperatures.  Several PRB-fired units 
have encountered this problem. Insulating the portion of the horn outside of the reactor has 
helped mitigate this issue. 
 
This favorable summary of experience and cost for sonic horns should not be construed as an 
endorsement - maintaining the catalyst clean and open to flue gas flow is critically important, 
and even a slight advantage to sootblowers will justify their use.  The demands for high SCR 
NOx removal performance requires extremely clean catalyst.  The higher cost for sootblowers 
can be justified in many applications.  At least two PRB-fired units have retrofit sootblowers to 
augment or replace sonic horns in maintaining clean catalyst with PRB coal.  As shown by the 
example for LPA in maintaining a clean surface, increasing the catalyst open surface area derives 
significant cost benefit that outweighs the additional cost for sootblowers.   
 
Lesson Learned.  Sonic horns have evolved to provide a lower capital and operating cost 
alternative to steam sootblowers.  However, the value in providing extremely clean surfaces is so 
great that the best cleaning system should be used regardless of cost.  Experience is the best 
guide. 
 
REAGENT SUPPLY BY UREA  
 
With the potential hazards associated with anhydrous ammonia, local communities have 
frequently demanded that utilities find alternate reagents; specifically aqueous ammonia and 
urea-based systems.  By using urea, utilities 1) simplify the permitting process, 2) avoids a risk 
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management program, 3) mitigate potential hazards shipping ammonia to the site, and 4) 
mitigate hazard during storage and handling at the site.  These advantages require higher process 
capital, additional energy to convert urea to ammonia, and a more complex reagent handling 
system to operate; however they can be offset by indirect costs in terms of staff in developing 
risk management and safety training.   
 
Four systems are sold commercially in the U.S. to convert urea to ammonia for use with SCR 
systems.  Two of these systems hydrolyze an aqueous urea solution, one melts solid urea and 
reacts the melted urea over a catalyst, and the fourth decomposes an aqueous urea solution by 
spraying it into a hot air stream.  Each is described briefly below: 
 
U2A™ was developed under an EPA Small Business Innovative Research (SBIR) award to 
EC&C Technologies, and is based on the hydrolysis of an aqueous solution of urea and/or biuret 
by heating under pressure to form a mixture of ammonia, carbon dioxide, and water.  The patent 
awarded was licensed to Wahlco and Hamon Research-Cottrell. 
 
AOD™ also hydrolyzes a urea solution to form gas phase ammonia and carbon dioxide.  The 
process was exclusively licensed to Environmental Elements Corp. (EEC) from Hera, LLC and 
Siirtec Nigi.  In December 2000, EEC announced that it executed an agreement with American 
Electric Power Company to provide additional support for the commercialization of AOD™ 
technology in the power generation market.  The agreement also grants AEP an exclusive sub-
license to market and sell urea-to ammonia systems. 
 
NOxOUT ULTRA™ has been developed by Fuel Tech NV and involves the atomization of a urea 
solution within a decomposition chamber containing an air or flue gas stream between 800 – 
1200°F The urea dissociates at these temperatures to ammonia and isocyanic acid (NHCO), 
whereupon the vapor stream is introduced into the flue gas ahead of a SCR through an injection 
grid. 
 
The SafeDeNOx


™ process involves melting urea and mixing the liquor with steam, where it 
reacts across a catalyst to form ammonia, carbon dioxide, and water vapor.  Chemithon is the 
sole implementer of this process. 
 
Although several startup problems and operating issues were encountered on the first units, in 
time a reliable system evolved that does not limit the reliability of the SCR process or the power 
station.  Of note is that safety concerns by local communities are evolving, and even for existing 
SCR equipped units, pressure to adopt urea may exist.  Significantly, the Brandon Shores station 
– one of the first SCR-equipped units in the U.S. – has employed all three forms of reagent 
supply, due to evolving demands of the local community. 
 
Each of the reagent options - anhydrous ammonia, aqueous ammonia, and urea - will feature a 
different capital and operating cost.  The capital cost of these systems can vary with design, and 
a comparison is beyond the scope of the present paper.  In addition to the capital cost of the 
reagent supply system, and reagent procurement cost, the energy required to vaporize, or 
decompose, the reagent is also an important factor. 
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Table 7 summarizes the key cost components that can influence reagent operating cost.  Also 
shown is an approximate delivered reagent cost; the latter is highly site specific and will vary 
with delivery distance and volume of material purchased.  Table 7 shows that anhydrous reagent 
is usually the least cost; however local communities may assert their preference for alternative 
reagents regardless of cost.  Further, when considering the demands on management and staffing 
for safety, planning, and training, anhydrous reagent may not be the least cost. 
 
Table 7.  Comparison of Key Reagent Operating Cost Variables 
Reagent Energy For 


Vaporization 
(Btu/lb) 


Cost for 
Vaporization 
($/year) 


Delivered Reagent 
Price ($/Ton-
NH3/Urea) 


NPV For 
Reference  
Unit ($M) 


Anhydrous 588 $16,000 $225 3.75 
Aqueous 
Ammonia, 29% 


2683 $72,600 $250 4.45 


Aqueous 
Ammonia, 19.5% 


4312 $116,700 $400 6.82 


Urea 3500 $167,200 $300 8.94 
 
Lesson Learned.  Local communities have been successful in asserting an influence in reagent 
selection.  Both anhydrous and urea-based reagent supply systems offer state of art and reliable 
alternatives to anhydrous forms of ammonia.  Despite the excellent safety record with anhydrous 
ammonia to date, pressure to utilize alternatives will persist. 
 
MERCURY OXIDATION 
 
Interest in mercury (Hg) oxidation in the last few years has escalated, with recognition that the 
combination of SCR and wet FGD can provide some degree of Hg removal.  Critical to the 
amount of so-called Hg “co-benefits” is (a) the degree of Hg oxidation by the SCR, and the 
ability to retain this oxidation with time, (b) sensitivity to fuel composition, including subtle 
changes in coal chloride content, and (b) eliminating the Hg re-emission by wet flue gas 
desulfurization (FGD).  Given the importance and cost impact of Hg control, it is possible the so-
called “co-benefits” will supercede in importance SO2 conversion for some fuels.   
 
Following early tests in Germany, the first orchestrated attempts to determine the oxidation of 
Hg by SCR were conducted as part of the EPA ICR program.  These early results prompted 
measurements to date on about 20 individual units, sponsored collectively by EPRI, the 
Department of Energy, and the EPA.  Chu(16) has summarized the degree of Hg oxidation by 
SCR for 15 different units, and the results in Figure 7 suggest a weak correlation with coal 
chloride content.  Data in Figure 7 are not directly comparable – almost all data points represent 
a different SCR design, catalyst composition, and operating history.  The ability to predict Hg 
oxidation is the subject of study by almost all catalyst suppliers as well as independent providers 
of process models(17, 18). 
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Figure 7.  Hg Oxidized by SCR Process Equipment:  Field Tests (after Chu, 2006) 
 


 
 
Each of major SCR catalyst suppliers is addressing the prospect of offering Hg oxidation 
guarantees.  Discussions with these suppliers suggest it is not clear if there is a link between the 
oxidation of SO2 and Hg.  At least one supplier reports any link between Hg and SO2 oxidation is 
weak, and high Hg oxidation catalysts may not necessarily promote SO2 oxidation; however not 
all suppliers agree with this position.  Further complicating the analysis is accuracy of Hg 
measurements, which are highly variable, and may not provide the basis for guarantee 
provisions. 
 
Additional experience and field tests in the next years will provide key information.  Two 
catalyst suppliers at present will provide guarantees for Hg oxidation, depending on coal 
composition and system design.  However, owners must consider the value of the guarantee and 
the difficulty of Hg measurement – so much so that a dispute may not be satisfactorily resolved.  
First, some agreement on Hg measurement should be pursued – should it be in commercial 
systems where uncertainty may be high, or in a laboratory environment with simulated flue gas 
with well controlled conditions?  Also, owners should examine the significance of the guarantee 
– as is the case with an evolving technology, the protection offered to the owner may not be 
significant in terms of liquidated damages or the value of a replacement catalyst layer.  
 
The importance of Hg controls and their cost will elevate Hg oxidation to a major decision factor 
in purchasing replacement or new catalyst inventory.  For the 500 MW reference unit, if the 
reference coal fired contained 400 ppm chlorides, then Figure 7 suggests Hg oxidation could 
vary between 60 and 90 %.  The cost significance of providing a guarantee for the higher value 
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(90%) compared to simply deriving the average of 75% is significant.  For the reference unit, 
assuming an Hg coal content of 7 lbs/TBtu, providing for the higher guaranteed level of 90% 
oxidation increases the production of oxidized Hg (and decreases the production of elemental 
Hg) by 40 lbs per year.  Assuming 95% of this oxidized Hg is collected and not re-emitted by the 
FGD, and Hg removal allowances are valued at the minimum of DOE’s research goal of 
$25,000/lb, the 90% Hg guarantee translates into an annual benefit of $0.90 M.  The NPV 7 year 
value of acquiring these Hg reductions is $5.5M, rivaling the significance of any other SCR 
operating cost reported in Table 1.  Accordingly, Hg control issues may dominate SCR catalyst 
design and selection.   
 
Lesson Learned.  Depending on coal composition and SCR design, some degree of Hg oxidation 
is provided by SCR.  The extent and longevity of the effect of SCR is not clear – it is possible the 
degree of oxidation will decrease with time at a rate equal to or greater than for NOx.  Hg control 
may drive future catalyst design and selection decisions. 
 
FURTHER OBSERVATIONS 
 
Several additional observations, although not necessarily comprising a “lesson learned”, are 
noteworthy.  These items are either unresolved, have not projected a consistent trend, or 
represent concepts for which our understanding is incomplete. 
 
Catalyst Plugging with PRB 
 
PRB-fired SCR units have been prone to excessive plugging by fly ash – without LPA.  Several 
units have experienced nearly complete blocking of turning vanes and catalyst layers, in some 
cases to 40% and more across several layers of catalyst.  Conversely, other PRB-fired units have 
experienced extremely clean reactors.  To date, no trend can be detected that is responsible for 
the catalyst plugging – boiler type, inlet NOx and reactor design, reagent type, etc. have all been 
evaluated.  Figure 8a depicts the plugging on the catalyst surface witnessed below a reactor 
structural support, and Figure 8b shows deposits on flue gas distribution vanes. 
 
Excessive deposits have been reported have been reported with coals other than PRB, but not to 
the same extent, unless prompted by LPA.  Additional work is necessary to resolve the sources 
for this blocking, on both PRB and other coals. 
 
Regenerated Catalyst 
 
The use of regenerated catalyst has increased from negligible in the late 1990s, to where 
regenerated catalyst can for some applications be considered equivalent to new catalyst.  The 
role of regenerated catalyst has been partially responsible for the decrease in catalyst prices 
witnessed since the mid-1990s. 
 
At present there are at least two major players in catalyst regeneration – SCR Tech and Enerfab.  
Further, at least one catalyst supplier has teamed with providers of regeneration services to offer 
this approach. 
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Figure 8a.  Deposits of Ash On Catalyst Surface Below Support Beam 
 


 
 


Figure 8b.  Deposits of Ash on TurningVanes 
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Early experience was limited, but additional installations have not identified any fatal flaws or 
compromises to design.  Further, one supplier claims to be able to not restore but actually 
increase catalyst activity, for a price of approximately 60% of new catalyst costs(19).  As with any 
evolving technology, additional experience is desired to evaluate how claimed catalyst 
performance characteristics change with operating time. 
 
Although the fraction of regenerated catalyst as of mid-2006 is small compared to the initial 
inventory of new catalyst, the technology is a major factor and will provide a cost ceiling to 
catalyst prices.  
 
Residual NH3 Monitors 
 
The technology of continuous residual NH3 monitors has progressed to where equipment is 
reliable, and can be used if not for process control, then at least as a operating guideline.  At 
present approximately 10 stations employ residual NH3 monitors on a daily basis, to provide 
insight as to process operation.  The value of the residual NH3 may not be accurate, but relative 
trends are.  Residual NH3 data provides operating staff with insight as to both process upsets, the 
stability of reagent injection during load changes, and the degree of catalyst deactivation or 
plugging. 
 
CONCLUSION 
 
Since the first SCR applications in the U.S. in the mid-1990s, significant experience has been 
derived and taught numerous lessons.  Accordingly, U.S. SCR applications are unique compared 
to previous generations.  Several problems unique to the U.S., notably plugging by LPA and 
excess SO3 production, were not predicted by the suppliers and have been partially but not fully 
resolved.  Although SCR capital costs have been higher than the early estimates, the resultant 
NOx control performance as shown by EPA emission rate data has in general supported industry 
needs.  Innovations in achieving uniform NH3/NO mixing – key to successful performance - 
have been produced primarily through the use of static mixers, and more detailed and protracted 
cold flow models or CFD studies of mixing systems.  Other innovations such as cleaning catalyst 
with sonic horns instead of steam-driven sootblowers have become popular, as have urea–
derived reagents to satisfy the concerns of local communities.  Eventually, the impact of SCR on 
an Hg control strategy – by oxidizing a fraction of elemental Hg - may supercede all other 
factors except NOx control.  Future challenges will focus on maintaining catalyst open and 
catalyst clean, retaining catalyst high activity, and precisely controlling NH3 injection and 
mixing.  
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January 19, 2001 


MEMORANDUM 


SUBJECT:	 BACT and LAER for Emissions of Nitrogen Oxides and Volatile Organic 
Compounds at Tier 2/Gasoline Sulfur Refinery Projects 


FROM:	 John S. Seitz, Director (signed by John S. Seitz) 
Office of Air Quality Planning and Standards (MD-10) 


TO: Air Division Directors, Regions I-X 


Background 


On February 10, 2000, EPA issued new emissions standards (“Tier 2 standards”) for all 
passenger vehicles, including sport utility vehicles, minivans, vans, and pick-up trucks. As part of 
this program, EPA also set new standards to significantly reduce the sulfur content in gasoline. 
These standards require that most refiners meet a corporate average gasoline sulfur standard of 
120 ppm and a cap of 300 ppm beginning in 2004. In 2005, most refiners will have to produce 
gasoline meeting a 30 ppm average sulfur level. By 2006, most refiners will need to meet a 30 
ppm average sulfur level, and an 80 ppm cap.1 


In order to meet the new low-sulfur gasoline requirements, some refiners will have to 
make changes to their existing facilities. It is likely that some of these changes will be subject to 
the major new source review (NSR) preconstruction permitting requirements under either part C 
or D of the Clean Air Act, or both. The refiners subject to major NSR will be required to 
undergo a pollution control technology evaluation which calls for a level of control equivalent to 
the best available control technology (BACT) or the lowest achievable emission rate (LAER), 
depending on the applicable NSR program requirements. 


1Some exceptions apply for small refiners and gasoline produced for sale in parts of the 
Western United States. For a full description of the program, see the final rule published on 
February 10, 2000 (65 FR 6698). 
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To provide greater certainty and to help expedite the NSR permitting process for refinery 
projects undertaken to comply with the gasoline sulfur standards, EPA believes it would be 
beneficial to issue Federal guidance on what levels of control can be reasonably anticipated to 
represent BACT or LAER, as applicable, under the major new source review requirements. 
Specifically, this guidance is intended to set forth levels of control that, in our view, would 
generally be considered to satisfy the BACT or LAER requirements for certain emission units and 
pollutants associated with required refinery desulfurization projects. Accordingly, when a 
permitting authority makes a BACT or LAER determination consistent with the recommendations 
contained in this guidance, it is very unlikely that EPA would comment adversely on such finding. 
Thus, while State and local permitting agencies are not required to apply this guidance in 
establishing BACT or LAER, the guidance is designed to help add certainty about EPA’s general 
perspective and expectations as to the applicable technology requirements for BACT or LAER for 
types of refinery emissions units identified herein. 


The control technology information discussed in this guidance is based on information and 
analyses contained in the attached report titled “Petroleum Refinery Tier 2 BACT Analysis 
Report.” A draft report was made available on the Internet for public review on March 20, 2000. 
Comments received as a result of that opportunity caused us to perform additional analyses for a 
number of issues. The results of these analyses have been taken into account in the 
recommendations contained in this guidance, as well as in the final report which accompanies this 
guidance memorandum. 


It is important to note that applying this guidance for selecting BACT and LAER may not 
be appropriate in all cases because of unique circumstances that may exist at individual refineries. 
The NSR program requires a case-by-case analysis of BACT and LAER. This guidance is 
designed to provide information to permitting authorities in order to streamline that process. In 
specific cases, the unique site-specific circumstances at individual refineries may warrant a 
different level of control than that suggested by the analysis upon which this general guidance is 
based. For example, where additional or new information presented by the applicant or public 
becomes available, within the context of the processing of a specific permit application, it should 
also be considered when doing the BACT or LAER evaluation. 


BACT and LAER for NOx emissions from Refinery Heaters 


Based on our review of the information in the attached report, it is EPA’s belief that an 
emissions rate of 7 ppmv of NOx should generally be considered as LAER for NOx emissions 
from new refinery process heaters. Refiners can achieve this level of control through a 
combination of combustion controls (low-NOx burners with internal flue gas recirculation) and 
selective catalytic reduction (SCR). 


The emissions rate representing BACT, however, will tend to vary as a function of the size 
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of the new heater being installed at the refinery and whether the baseline heater design includes 
forced air (mechanical) draft rather than natural draft. Heater size and air draft design have been 
shown to significantly influence the cost-per-ton-removal calculations used for determining 
whether a NOx control alternative is cost effective. If mechanical draft is not otherwise 
appropriate for the process heater, then its cost as part of the installation of SCR can make the 
incremental cost economically infeasible for smaller sized heaters. 


Thus, using an upper cost effectiveness threshold of $10,000 per ton of NOx controlled, 
we believe that the following maximum emissions levels would generally represent BACT for the 
five sizes of new process heaters which we evaluated: 


a. 7 ppmv (0.0085 lb/MMBtu) of NOx for new refinery process heaters – 


• 75 MMBtu/hr or greater, with a baseline design that includes mechanical draft, and 
•	 150 MMBtu/hr or greater, with a baseline design that does not include mechanical 


draft. 


The attached study shows that refinery process heaters can achieve a level of control equal to or 
better than 7 ppmv of NOx with a combination of combustion controls (low-NOx burners with 
internal flue gas recirculation) and SCR. 


b. 29 ppmv (0.035 lb/MMBtu) of NOx for new refinery process heaters – 


• 50 MMBtu/hr or less, with a baseline design that includes mechanical draft, and 
• 150 MMBtu/hr or less, with a baseline design that does not include mechanical draft. 


Available information indicates that refinery process heaters can achieve a level of control of 29 
ppmv or better of NOx by installing combustion controls (low-NOx burners with internal flue gas 
recirculation). 


As the attached report indicates, certain circumstances that could affect individual refinery 
projects may cause BACT analysis results to differ from EPA’s recommendations. Consequently, 
such circumstances should be reviewed on a case-by-case basis by the permitting authority. For 
example, problems with fouling of the catalyst used in the SCR process may occur over a period 
of time when the sulfur content of the refinery fuel gas is higher than normal and other unique 
conditions within the process heater exist. (See related discussion of catalyst fouling on page 3-
20 in the attached technical report.) To avoid the fouling problem, the refiner may need to 
purchase additional natural gas or take steps to remove some of the excess sulfur from the 
refinery gas. Either approach will likely produce additional expenses which could significantly 
alter the BACT cost analysis. 
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The EPA expects that refineries will likely be able to avoid the application of major NSR 
to individual or multiple new refinery process heaters of less than 50 MMBTU by controlling 
emissions to levels below the 40 tons per year significance level for a major modification of NOx. 
Consequently, we do not believe it is appropriate to provide a position on BACT for such small 
refinery process heaters at this time. Should the need arise for Federal guidance on BACT for 
these small heaters within the context of permitting refinery gasoline desulfurization, we will 
consider issuing supplemental guidance on a later date. 


BACT and LAER for VOC emissions from Refinery Equipment 


After a review of the information contained in the attached report, it is EPA’s belief that 
for VOC emissions from hydrotreaters and hydrogen units, at both large and small refiners, 
compliance with an equipment leak control program (equipment modifications, and leak detection 
and repair) equivalent to the Hazardous Organic National (HON) Emission Standards for 
Hazardous Air Pollutants (40 CFR Part 63 Subpart H) would generally represent BACT. This is 
the most stringent control level achievable for VOCs from these units. In evaluating whether 
compliance with requirements equivalent to the HON would generally represent BACT, EPA 
considered the incremental and average cost of the control strategy as well as any associated 
energy and environmental impacts. No adverse impacts were found to be associated with the 
most effective control option. 


The control option represents the most stringent control level achieved or contained in a 
SIP, it therefore also represents LAER for those units. 


Effect of Guidance 


The statutory provisions and regulations described in this document contain legally binding 
requirements. This document does not substitute for those provisions or regulations, nor is it a 
regulation itself. The policies set out in this memorandum do not represent final Agency action, 
and are intended as guidance only. Thus, this document does not impose legally binding 
requirements on EPA, permitting authorities, or the regulated community, and it may not apply to 
a particular situation based upon the circumstances. The EPA and permitting authority decision 
makers retain the discretion to adopt approaches on a case-by-case basis that differ from this 
guidance. Any decisions regarding a particular facility will be made based on the statute and 
regulations. The analysis undertaken applies only prospectively and only to major NSR permit 
applications for gasoline desulfurization related projects that have been determined to be complete 
by the relevant permitting authority no later than 18 months from the date of this memorandum. 
The EPA may change this guidance at any time without public notice. 


The EPA will continue to evaluate the need for further guidance on BACT and LAER 


2determinations for emission units and other pollutants (e.g., SO ) associated with refinery 
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desulfurization projects undertaken to comply with Tier 2 requirements and, as necessary, may 
issue additional guidance in the future. 


Distribution/Further Information 


We are asking Regional Offices to promptly send this memorandum with attachment to 
State and local permitting agencies within their jurisdiction. Questions concerning the application 
of this guidance to specific BACT or LAER determinations and cases should be directed to the 
appropriate EPA Regional Office. Regional Office staff may contact Dan deRoeck of the 
Integrated Implementation Group at 919-541-5593, if they have any questions. This document, 
including the referenced attachment, is also available on the Internet at 
http://www.epa.gov/ttn/nsr, under “What’s New on NSR.” 


Attachment 
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1.0 BACKGROUND AND PURPOSE 


1. What are the tier 2 standards? 


Tier 2 standards will significantly reduce exhaust gas emissions from cars and light trucks, 


including sport utility vehicles, minivans, and pickup trucks. Automakers must produce cars and 


light trucks that emit lower levels of nitrogen oxides (NOx) and particulate matter (PM) beginning 


with the 2004 model year. As part of the Tier 2 program, refineries must produce gasoline with a 


lower sulfur content, because sulfur in gasoline significantly impairs vehicle emissions control 


systems and contributes to harmful air pollution. Accordingly, most refineries must meet an 


average gasoline sulfur level of 30 ppm beginning in 2005, compared to a current average of 


approximately 270 ppm. Small refiners will have additional time to comply. More information on 


Tier 2 standards can be found in the Federal Register (65 FR 6698, February 10, 2000) and on 


the Tier 2 website (http://www.epa.gov/oms/tr2home.htm). 


2.	 Why might refineries need to get New Source Review (NSR)/Prevention of Significant 
Deterioration (PSD) permits? 


To remove more sulfur from gasoline, many refineries will need to add equipment and 


make other changes to their processes which could trigger major New Source Review (NSR) 


requirements. Some specific types of anticipated changes are described in Section 2.0. These 


changes could result in a “significant” net increase in emissions of nitrogen oxides (NOx) at many 


refineries. In some cases, increases in emissions of other pollutants such as volatile organic 


compounds (VOC), carbon monoxide (CO), or sulfur dioxide (SO2) could also be significant. 


Therefore, these process changes may qualify as a “major modification” under the major NSR 


program. Before a major modification can be made, the source must undergo a preconstruction 


review and obtain a permit. The details of the preconstruction review vary depending on the air 


quality status of the area where the source is located. Sources located in areas where the National 


Ambient Air Quality Standards (NAAQS) are exceeded (nonattainment areas) must obtain 


nonattainment area (NAA) NSR permits. Sources in attainment areas must obtain Prevention of 


Significant Deterioration (PSD) permits. Collectively, the preconstruction review program, 


including both PSD and NAA permit reviews is referred to as the NSR program. 
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There are specific definitions, calculation methods, and policies for determining what 


changes are considered “modifications”, whether a “significant” net emissions increase will occur, 


and whether a PSD or NAA NSR permit is needed. For information on these topics, PSD and 


NAA review processes, and the NSR program in general, refer to: 


C 40 CFR Parts 51 and 52: Sections 51.165(a), 51.166, and 52.21. 


C	 New Source Review Workshop Manual (1990 draft) 
(http://www.epa.gov/ttn/nsr/gen/wkshpman.pdf).1 


C New Source Review Website (http://www.epa.gov/ttn/nsr/). 


A key part of the NSR permitting process is a control technology assessment. Refineries 


obtaining NAA permits must meet the Lowest Achievable Emission Rate (LAER). Refineries 


obtaining PSD permits must install the Best Available Control Technology (BACT). 


Both BACT and LAER are case by case decisions. Under the Clean Air Act (CAA), BACT is “an 


emissions limitation...based on the maximum degree of reduction of each pollutant...which the 


Administrator, on a case-by-case basis, taking into account energy, environmental, and economic 


impacts and other costs, determines is achievable...”[Section 169(3) of the CAA]. BACT 


decisions are based on analyses of the technical feasibility, control efficiency, and costs of 


emission control techniques and other relevant factors. A process for determining BACT is 


described in the NSR Workshop Manual.1  Under the CAA, LAER is the most stringent emission 


limitation derived from either: (1) the most stringent limit contained in the implementation plan of 


any state for the same category of source or (2) the most stringent emission limit achieved in 


practice [Section 171(3) of the CAA]. 


3. What information does this document present? 


This document provides technical information to assist permit applicants, permitting 


authorities and the public in evaluating BACT and LAER for certain refinery emission units. It 


also identifies the changes refineries are likely to make to meet the Tier 2 gasoline standards. The 


pollutants and equipment most likely to trigger the need for PSD or NAA NSR permits at such 


refineries are: 
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C NOx emissions from new process heaters. 


C	 VOC emissions from equipment leaks at new hydrotreating units and hydrogen 
plants. 


This document identifies control technologies for these pollutants and emission sources as 


well as technical feasibility, control efficiency and cost information. 


For each pollutant, we have organized the technical information to follow the first four 


steps in the BACT analysis process in EPA’s NSR workshop manual as follows: 


1. Identify all control technologies. 


2. Eliminate technically infeasible options. 


3. Rank remaining technologies by control efficiency. 


4. Evaluate most cost-effective controls. 


The information on the control efficiency of the best control technologies may also be useful for 


LAER determinations. 


Other emission increases may occur from refineries complying with the Tier 2 standards. 


These include emissions of particulate matter (PM) from oil-fired heaters, emissions from boilers, 


emissions of CO from process heaters, and emissions of SO2 from various process changes. This 


document does not contain quantitative BACT analyses for these pollutants and sources. 


However, PM emissions, CO emission increases, and possible emissions of various pollutants 


from increased fuel consumption by boilers in the refinery power plant are qualitatively discussed 


in Section 5.0. Potential sources of increased sulfur dioxide (SO2) emissions are identified in 


Section 2.0, but are not discussed in detail. 


The remainder of this document is organized into the following sections: 


Section 2.0 Overview of Possible Changes to Refinery Processes and Emissions 


x Control AnalysisSection 3.0 Process Heater NO
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Section 4.0 Equipment Leaks VOC Control Analysis 


Section 5.0 Other Pollutants and Emission Sources 


Section 6.0 References 
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2.0	 OVERVIEW OF POSSIBLE CHANGES TO REFINERY PROCESSES AND 
EMISSIONS 


Because the Tier 2 standards include the requirement that the sulfur content of gasoline 


be reduced, most refiners will have to increase the amount of sulfur removed during the gasoline 


production process. To reduce sulfur in gasoline, it is likely that most refineries will treat the 


gasoline streams after they are produced by the fluidized catalytic cracking unit (FCCU). 


However, it is possible that some refineries could instead treat the feed stream to the FCCU. By 


treating the feed stream, the sulfur content of the gasoline produced by the FCCU would be 


lower. A general flow diagram of a typical desulfurization system is shown in Figure 2-1 and 


explained below. This diagram depicts desulfurization of gasoline after production by the FCCU, 


but the same basic process would be used if a refinery were to choose to treat the FCCU feed 


stream. 


Sulfur is typically removed through a process called hydrodesulfurization, which is also 


referred to as hydrotreating. There are a variety of hydrotreating unit designs, but all use the 


same basic process. A gasoline stream is fed to the hydrotreating unit and heated in a non-contact 


heater. The heated gasoline is mixed with hydrogen and fed to a reactor containing a catalyst. 


Hydrogen is supplied from either an adjacent facility, other process units that produce hydrogen 


as a by-product, or a hydrogen production plant on site. In the presence of the catalyst, the 


hydrogen and sulfur in the gasoline stream react to form hydrogen sulfide (H2S). The stream 


leaving the reactor is cooled and separated into a desulfurized gasoline stream and a gas stream 


(called sour gas) that contains the H2S as well as methane and other light hydrocarbons. 


Typically, the sour gas stream is treated in an amine treatment unit to remove and recover 


hydrogen sulfide (H2S). The clean gas from the amine treatment unit is used in the refinery as fuel 


gas for process heaters and boilers. The H2S stream from the amine treatment unit is fed to a 


sulfur recovery unit to recover elemental sulfur. The tail gas from the sulfur recovery unit may be 


treated to remove additional sulfur compounds before it is emitted to the atmosphere. Several of 


these process units produce sour water, i.e., water that contains H2S. The H2S is typically 


removed from the water by a steam stripper, often referred to as a sour water stripper. 
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Figure 2-1. Typical Refinery Desulfurization System








The amount of hydrotreating and hydrogen plant capacity that each refinery will need to 


add to meet the Tier 2 gasoline standards depends on factors such as the size of the refinery, 


which streams they choose to treat, current gasoline sulfur levels, and the amount of excess 


capacity the current process units may have. Many refineries likely will add new hydrotreating 


units and hydrogen plants, although some will modify existing units to increase their capacity. 


Depending on the type of process used, hydrotreating may reduce the octane rating of the 


treated gasoline. In order to achieve the octane rating required by the refinery, some gasoline 


streams may be routed to a catalytic reformer to increase the octane rating. In the catalytic 


reforming process, a gasoline or naphtha stream is mixed with hydrogen, heated in a non-contact 


heater, and fed to a hydrotreater for desulfurization and denitrification. The stream is then routed 


to a reactor containing catalyst. A variety of reactions occur to produce a high-octane product as 


well as hydrogen, light gases, and liquefied petroleum gas (LPG) as byproducts. It is anticipated 


those refineries that will need to compensate for octane losses due to hydrotreating will do so 


using existing reformer capacity. Because not all refineries will require additional reforming and 


those that do will be likely to use existing reformer capacity, this analysis does not specifically 


address catalytic reforming units. 


Increases in hydrotreating, hydrogen production, sour gas treatment, and sulfur recovery 


can result in increases in criteria pollutant emissions at a refinery. In Table 2-1, specific sources 


of possible increases in NOx, CO, SO2, VOC, and PM emissions are presented. The potential 


sources of these emissions are discussed below. 


Process Heaters in the Hydrotreating Unit and Hydrogen Plant (NOx, CO, SO2, VOC, 


PM): Whenever hydrotreating capacity is increased, additional heat will be needed for the 


process. Thus, unless there is significant excess capacity in existing heaters, new process heaters 


are likely to be added. Fuel consumption will increase as process heaters are added or existing 


heaters are run at higher rates to heat the gasoline fed to the hydrotreater. Because the refinery 


may need to increase hydrogen production to supply the additional hydrotreating capacity, fuel 


2-3








consumption for process heaters used for hydrogen production would also increase and new 
*



heaters are likely to be added. 


Increased fuel combustion in process heaters will result in increases in NOx, CO, and SO2 


emissions. As shown in Table 2-1, this document provides quantitative information on NOx 


emissions from new hydrotreater and hydrogen plant heaters, and presents an analysis of 


applicable control techniques. For this analysis, it is assumed that new process heaters will burn 


refinery fuel gas or natural gas. For these fuels, increases in VOC and PM will be minimal relative 


to PSD significance levels. Emissions of CO could be significant only at very large refineries that 


add a large amount of heater capacity, as described in Section 5.0. If heaters burn fuel oil, PM 


emission increases must be considered, as discussed in Section 5.0. 


Equipment Leaks (VOC): The addition or modification of process units such as 


hydrotreating units and hydrogen plants will result in increases in VOC emissions due to leaks 


from added equipment. Pumps, valves, compressors, connectors, and other equipment used for 


process streams that contain organic compounds can leak and emit VOC. Depending on the 


process, these leaks may also contain hazardous air pollutants (HAP). This document quantifies 


equipment leak emissions from new hydrotreating units and hydrogen plants and presents an 


analysis of control options. 


Boilers (NOx, CO, SO2, VOC, PM): Fuel consumption in boilers will increase as 


electricity and steam demands increase due to the addition and/or expansion of process units to 


comply with the Tier 2 standards. Electricity and steam are typically supplied by on-site power 


plants that supply steam and electricity to the entire refinery. Power plant boilers may be fired 


with refinery fuel gas, natural gas, or fuel oil. In most cases, the additional steam and electricity 


can probably be supplied by increasing fuel consumption in existing refinery power plant boilers. 


*Hydrogen is typically produced using a steam reforming process. The process includes 
feeding light hydrocarbons (C1's through C4's) and steam through catalyst-filled tubes in a 
specialized heater called a reformer. 
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Table 2- 1. Possible Sources of Emission Increases Due to Additional Hydrotreating 


Unit NOx CO SO2 VOC PM 
hydrotreating 
unit 


heater heater heater equipment leaks, 
heater 


heatera 


hydrogen plant heater heater heater equipment leaks, 


CO2 ventb 
heatera 


amine treatment 
unit 


equipment leaks 


sulfur recovery 
unit (including 
tailgas treatment 
unit) 


tail gas 


sour water 
stripper 


equipment leaks, 
flash drum ventc 


utilities (refinery 
power plant) 


boilers boilers boilers boilers boilers 


refinery fuel gas 
systemd 


process heaters 
and boilers 


Shading indicates that a quantitative BACT analysis is included in this document. 
aPM emissions are not expected for gas-fired heaters. If a new oil-fired heater is installed, PM 
should be assessed. 


bCarbon dioxide (CO2) vent exists only if steam reformer is used to generate hydrogen. It may 
contain low levels of VOC. 


cThis vent contains inert gases and may contain VOC, but it may be routed within the refinery for 
recovery rather than vented to the atmosphere.
dIf sour gas from the hydrotreating unit is handled in such a way that it increases the H2S content 


of the refinery fuel gas, then combustion devices throughout the plant that burn refinery fuel gas 
will emit additional SO2. 
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This document does not present quantitative analyses of boiler emissions, but they are briefly 


discussed in Section 5.0. 


Refinery Fuel Gas and Sulfur Recovery Unit Tail Gas (SO2): The removal of additional 


sulfur from gasoline means the sulfur level in the sour gas stream from the hydrotreating unit will 


increase. If hydrotreating operations increase and no other changes are made to the design or 


operation of downstream units, then SO2 emissions will increase. For example, if the amine unit is 


not upgraded, the amine unit will not be able to remove all of the additional sulfur in the sour gas 


and the amount of sulfur remaining in the refinery fuel gas will increase. Consequently, when this 


fuel gas is burned, SO2 emissions will increase across the refinery in any boiler or heater burning 


the higher sulfur fuel gas. To avoid increasing SO2 emissions, a refinery may need to expand an 


amine treating unit or add a new unit to remove additional H2S from sour gas produced by the 


hydrotreater. A sulfur recovery unit may also need to be expanded or a new unit added to 


recover sulfur from the H2S stream from the amine treatment unit. Similarly, the tail gas unit may 


need to be expanded or a new unit added to remove most of the sulfur remaining in the tail gas 


from the sulfur recovery unit before it is discharged to the atmosphere. Increases in SO2 


emissions and methods to avoid or control them are not discussed further in this document. 


Whether these units will be expanded or new units will be added to manage the additional sulfur 


will depend on the current capacity of the units, the design of the units, current sulfur levels in 


refinery products, and economic factors specific to each affected refinery. 
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3.0 PROCESS HEATER NOX CONTROL ANALYSIS 


This section presents information on the feasibility, efficiency and costs of NOx emission 


controls for new process heaters at refineries. Control techniques include low NOx burners and 


add-on controls. Cost effectiveness of these controls is presented for five different size model 


process heaters. For this analysis, we assumed that new process heaters would burn refinery fuel 


gas and/or natural gas, because these are by far the most common fuels for new refinery process 


heaters. It is not expected that existing heaters can be expanded to provide the necessary capacity 


to meet Tier 2 requirements. 


The analyses presented in this section address the first four steps in the five-step process 


for a BACT analysis per the EPA NSR Workshop Manual.1 


Step 1. Identify all control technologies.  Identify all available control techniques that 


could potentially be applied to process heaters to control NOx emissions. 


Step 2. Eliminate Technically Infeasible Options. If any of the control techniques can 


not be successfully used on process heaters due to technical difficulties, document this 


finding. Such control techniques would not be further considered in the BACT analysis. 


Step 3. Rank remaining control technologies by control efficiency. Assess 


performance of each control technique and rank them, beginning with the most effective 


control technique. 


Step 4. Evaluate most cost effective controls.  Estimate emission reductions, cost, cost 


effectiveness, energy impacts, and other environmental impacts of the controls techniques. 


Detailed cost effectiveness information is presented for the most effective control and for 


other control techniques that are on the least cost envelope. 


Step 5. Select BACT.  This step is not included in this report. 
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1. How much NOx could new process heaters emit? 


The increase in NOx emissions due to additional hydrotreating will vary for each refinery 


depending not only on the increased amount of hydrotreating and hydrogen production, but also 


on the heat demand associated with these increases, the type of fuel burned in the process heaters, 


and the type of NOx control used on the heaters. In order to perform an analysis of NOx 


emissions and controls for new process heaters, we determined the size range of heaters that may 


be added to increase hydrotreating capacity. To reflect the variety of refineries, estimates of the 


heater capacity needed for a small, medium, and large refinery were made. As a conservative 


estimate, it was assumed that the refineries will treat all gasoline from the FCCU to meet Tier 2 


requirements by adding a new hydrotreating unit with a new heater.**  It was also assumed that all 


hydrogen needed by the hydrotreater would be supplied by a new steam reforming hydrogen plant 


including a new heater. 


A small refinery with a crude capacity of approximately 50,000 barrels per day is likely to 


add a new hydrogen plant heater with a capacity of approximately 10 million British thermal units 


per hour (MMBtu/hr) heat input and a new hydrotreater heater with a capacity in the range of 15 


to 25 MMBtu/hr. A very large refinery with a capacity of approximately 450,000 barrels per day 


is likely to add a new hydrogen plant heater with a capacity of 80 to 100 MMBtu/hr and a new 


hydrotreater heater with a capacity of 120 to 170 MMBtu/hr. To provide another perspective on 


the maximum heater size that may be used, an estimate was also made of the size heater that 


would be needed if a very large refinery decided to treat all FCCU feed instead of treating the 


gasoline streams produced by the FCCU. This indicated that a maximum heater capacity of 


approximately 480 MMBtu/hr could be added. However, it is likely that refineries may choose to 


add two smaller heaters instead of one very large heater. To account for the expected wide size 


range of heaters required by the various refinery sizes and configurations, this BACT analysis was 


performed for model heaters of the following sizes: 10, 50, 75, 150, and 350 million British 


thermal units per hour (MMBtu/hr) heat input. 


**Some refineries may only hydrotreat a portion of the FCCU gasoline stream and treat the 
other portion with other processes such as an extractive caustic treater which requires minimal or 
no use of process heaters. 
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In addition to the five sizes of heaters examined in this study, it was also necessary to 


account for the draft type of the heater. Combustion air can either be supplied to the heater 


firebox as a result of the pressure difference between hot stack gases and cooler outside air 


(natural draft), or forced through the firebox using fans (mechanical draft). In the absence of a 


BACT requirement, some refineries would add natural draft heaters, which cost less than 


mechanical draft heaters. However, other refineries would choose to add mechanical draft heaters 


due to safety and process control considerations. Mechanical draft systems allow more precise 


control of combustion air flow, provide the option of using alternative sources of combustion 


oxygen (such as gas turbine exhaust), and allow the use of combustion air pre-heat, which 


increases the heater's thermal efficiency resulting in lower fuel demand.2  More control of 


combustion air reduces the risk of upset conditions. 


The add-on control techniques examined for this BACT analysis require a mechanical 


draft. If a refinery would have purchased a natural draft heater in the absence of BACT 


requirements, then the BACT analysis for that refinery must take into account the cost and 


emissions differential to add a mechanical draft heater instead of a natural draft heater. If a 


refinery would add a mechanical draft heater in the absence of BACT requirements, than the 


BACT analysis for that refinery should not include the cost for the mechanical draft. Therefore, 


emissions and cost analyses were conducted for both mechanical draft and natural draft heaters. 


To estimate potential increases in NOx emissions, it was assumed that the new heaters will 


burn refinery fuel gas and/or natural gas. NOx emission factors were derived using factors 


provided in an alternative control technology (ACT) document for process heaters2. The ACT 


document provides emission factors for both mechanical draft and natural draft heaters firing 


natural gas. The process heaters ACT document states that NOx emissions would increase by up 


to 20 percent if high-hydrogen (up to 50 mole percent) fuel is used instead of natural gas. The 


composition of refinery fuel gas varies, and can include more hydrogen than natural gas. 


However, hydrogen is an important reagent in the hydrotreating process so we anticipate that 


most hydrogen would be removed from fuel gas and used in hydrotreating processes. For this 


reason emission factors 10 percent higher than the emission factors for natural gas were used to 
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account for burning refinery fuel gas containing limited hydrogen or a mixture of refinery fuel gas 


and natural gas. 


The emission factor we used to estimate NOx emissions from an uncontrolled mechanical 


draft process heater burning refinery fuel gas or a mixture of refinery fuel gas and natural gas is 


0.217 lb/MMBtu. The emission factor we used to estimate NOx emissions from an uncontrolled 


natural draft process heater burning refinery fuel gas or a mixture of refinery fuel gas and natural 


is 0.108 lb/MMBtu. Based on these emission factors, a refinery adding 42 MMBtu/hr of total 


mechanical draft heater capacity or 85 MMBtu/hr of total natural draft heater capacity could 


potentially increase NOx emission above the PSD significance level of 40 tons per year. 


Uncontrolled emissions from the five sizes of model mechanical draft and natural draft process 


heaters are shown in Table 3-1. There are no new source performance standards (NSPS) or 


national emissions standards for hazardous air pollutants (NESHAP) that would constrain 


potential NOx emissions from refinery process heaters, so uncontrolled emission factors are used 


as the baseline for the BACT analysis. 


Table 3-1. NOx Emissions from Model Process Heaters 


Process Heater Capacity 


(MMBtu/hr) Mechanical Draft Natural Draft 


10 9.5 4.7 


50 48 24 


75 71 36 


150 143 71 


350 333 166 


2.  BACT Analysis Step 1- Identify all control technologies 


There are a variety of options available for controlling NOx


x


 emissions from combustion 


sources. Some options involve combustion modifications that reduce NOx formation, while 


others utilize add-on control devices to remove NO  after it is formed. In addition, combinations 
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of combustion controls and add-on controls may be used to reduce NO



technologies identified in this analysis include the following: combustion modifications, selective



catalytic reduction (SCR), and selective non-catalytic reduction (SNCR).



x emissions. Control 


Combustion Controls 


Combustion controls reduce NOx emissions by controlling the combustion temperature or 


the availability of oxygen. Burners that are designed to achieve low NOx emission levels are the 


most common NOx control technologies currently in use for refinery process heaters.3,4 These are 


often referred to as “low NOx burners” or “ultra low NOx burners”, but the term “ultra low NOx 


burner” is not always used consistently and there is often not a clear distinction between what is 


called a low NOx burner or an ultra low NOx burner. 


The burners analyzed in this BACT analysis are of the direct flame type, where 


combustion is performed in the open space within the heater’s firebox. Another type of burner is 


widely used on boilers, but has been applied to only two refinery process heaters. This particular 


type utilizes radiant burners that combust the fuel within a porous, ceramic-fiber tip that radiates 


the majority of the heat. Because these ceramic fiber tip burners are more expensive and very 


uncommon in refinery process heaters, and the ones used on refinery heaters achieve similar 


performance to the best direct flame burners, only direct flame burners were examined in detail in 


this analysis.4  For the purposes of this analysis, combustion control refers to the commercially 


available gaseous fuel-fired burners that emit approximately 25 to 33 parts per million by volume 


(ppmv) NOx. An uncontrolled mechanical draft process heater emits 179 ppmv NOx, while an 


uncontrolled natural draft process heater emits 89 ppmv NOx. The bases for these emission levels 


are described under “BACT Analysis Step 3" below. 


Burner vendors and refinery contacts have noted that improved burners for use in refinery 


heaters that could achieve even lower NOx  levels are currently in various stages of 


development.5,6  However, these burners are not yet commercially available for process heaters, so 


that performance and cost data could not be obtained for these burners. 
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Flue gas recirculation (FGR) is another combustion control used to reduce NOx. FGR 


involves the recycling of flue gas into the fuel-air mixture at the burner to help cool the burner 


flame. FGR may be classified as internal or external. Internal FGR involves recirculating hot O2-


depleted flue gas from the heater into the combustion zone using burner design features. External 


FGR requires the use of hot-side fans and ductwork to route a portion of the flue gas in the stack 


back to the burner windbox. Unlike external FGR, internal FGR does not require the installation 


of high heat fans and additional ductwork. Internal FGR is used primarily in some of the most 


effective lower NOx burners.2  External FGR is typically not considered a stand-alone NOx 


technique. It is usually combined with low NOx burners. Additionally, external FGR has had 


limited success with process heaters, mainly due to operational constraints and the high cost of 


the additional fan and ductwork.2 The best-performing combustion control identified for use on 


process heaters is a burner designed to achieve low NOx emissions that incorporates internal FGR. 


Add-on Controls 


Add-on controls such as selective catalytic reduction (SCR) and selective non-catalytic 


reduction (SNCR) are widely used technologies for controlling NOx emissions from combustion 


sources, especially boilers. In the SCR process, ammonia is mixed with the exhaust from the 


combustion device and the mixture is passed through a catalyst bed. The NOx reacts with the 


ammonia to form nitrogen and water. There are approximately 20 to 30 SCR applications on 


refinery process heaters in the United States, several in combination with combustion controls (i.e. 


burners achieving low NOx levels).3,4,7  While many of these are natural gas-fired, at least three 


burn a combination of refinery gas and natural gas.8,9  At least one was used on a heater burning 


only refinery gas, although the gasoline production process unit using the heater has since shut 


down, so the heater is no longer in use.10 


The SNCR process is similar to SCR in that a reagent reacts with NOx to form nitrogen 


and water. The difference is that SNCR uses no catalyst. The SNCR reagent could be urea, 


aqueous ammonia, or anhydrous ammonia, and is typically vaporized and mixed with the hot flue 


gases from the combustion device. There is currently only one refinery heater in the United States 


being controlled by SNCR.11 
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Two concerns with SCR and SNCR systems are the storage of ammonia and the amount 


of ammonia slip. Concerns about ammonia storage center on the transport and storage of 


anhydrous ammonia, a gas which must be kept under pressure. Because of its hazardous nature, 


there are safety concerns about keeping anhydrous ammonia under pressure. However, refineries 


routinely handle ammonia and similarly hazardous chemicals, and with proper and careful handling 


this should not be a problem. To avoid the risks associated with handling anhydrous ammonia, 


many current applications of SCR and SNCR technology use aqueous ammonia, which is over 


70 percent water. By using aqueous ammonia, nearly all of the safety issues associated with the 


storage of anhydrous ammonia gas are avoided.12  Ammonia slip refers to unreacted ammonia that 


remains in the flue gas and is emitted to the air. However, SCR vendors currently guarantee 


ammonia slip levels of no more than 10 ppm with NOx reductions of 90 percent. Ammonia slip 


from SNCR systems can be controlled to less than 25 ppm, and has been guaranteed in some 


boilers to be less than 10 ppm.13,14,15  Some additional information on these issues is given at the 


end of Section 3.0, under “Other Environmental and Energy Considerations”. 


A refiner reported that catalyst plugging or “fouling” problems with a SCR unit installed 


on a process heater have prevented the SCR unit from operating at its expected efficiency. 


Plugging problems occur when ammonia salts accumulate on the catalyst over a long period. 


Ammonia salts are generated from reactions between sulfur trioxide, ammonia, and water. Sulfur 


dioxide and sulfur trioxide are generated when sulfur containing compounds in fuel are 


combusted. In the presence of ammonia and water, sulfur trioxide will react chemically to form 


ammonium bisulfate or ammonium sulfate. Over a period of time, ammonium salts can cause a 


catalyst to deteriorate. This is often referred to as "fouling."16,17,18 


Salt formation is a function of temperature, ammonia injected, and the sulfur trioxide 


content of the flue gas. Ammonium salt precipitates when the flue gas temperature is below the 


dew point of salt. The higher the sulfur content, the higher the dew point. In general, ammonium 


salts will form in the temperature window from 380-430B F. The more ammonia injected, the 


higher the likelihood that some of the ammonia will be involved in the formation of the 


ammonium salt. In order to reduce fouling, SCR’s need to:16,17,18 
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•	 Operate with the lowest ammonia injection levels needed to achieve the desired 
control performance, 


• Reduce the level of sulfur in the flue gas or in the fuel being combusted, 


•	 Be properly designed to ensure proper mixing of the flue gas and ammonia without 
colder surfaces present on which the ammonium salts can condense, 


• Operate at temperatures above the dew point of the ammonium salt. 


One limitation on flue gas temperatures is the operating range for catalysts. The most 


common catalysts are composed of vanadium, titanium, molybdenum, and zeolite. Optimal 


operating temperatures vary by catalyst but generally range from 500 to 800B F. Catalysts are 


classified as low temperatures, medium temperature, and high temperature catalysts. To utilize 


the low temperature catalyst, the temperature must never drop below 400B F and never exceed 


482B F. A new generation of lower temperature catalysts have been demonstrated to operate at 


temperatures between 350 and 400B F. For higher sulfur content flue gases where the dew point 


would be higher, the lower temperature catalysts would not be appropriate. The medium 


temperature catalysts have an operating range between 500 and 840B F. However, at about 


750B F, their performance begins to degrade. The high temperature catalysts can operate at 


temperatures as high as 1110B F. At temperatures above 1000B F their performance begins to 


degrade.16,17,18 


Refinery process heaters would typically operate at temperatures in the range of 450 to 


700B F in order to provide sufficient heat transfer to refinery processes, although the temperature 


will vary depending on the specific use of the heater. Even in the absence of an SCR system, 


heaters would be expected to operate above the dew point to ammonium salts and sulfuric acid to 


prevent corrosion. SCR systems have been used on process heaters burning mixtures of refinery 


fuel gas (100 ppm sulfur) and natural gas. Therefore, it appears that the temperature is 


appropriate for SCR and that with proper operation, fouling concerns are minimized.16,17,18 


3-8








3. BACT Analysis Step 2 - Eliminate technically infeasible options 


Of the controls identified (combustion controls, SCR, and SNCR), none were determined 


to be technically infeasible. All have been demonstrated on process heaters. The combination of 


SCR with combustion controls has also been demonstrated. The combination of SNCR with 


combustion controls (e.g., burners achieving low NOx levels) has not been demonstrated on 


process heaters. Because this combination control system has not been used on a process heater, 


there is some uncertainty as to whether it can be used, and what performance level could be 


achieved. However, combinations of SNCR with combustion controls are used on boilers, and a 


previous EPA document indicated they should be feasible for process heaters.2 


4. BACT Analysis Step 3 - Rank remaining technologies by control efficiency 


The control technologies investigated in this analysis are listed in Table 3-2. The controls 


are ranked from most efficient to least efficient. 


Various sources have published a range of outlet NOx levels or percent control efficiencies 


achieved by NOx control devices, as listed in the table.2,6,8,9,10,11,12,13,14,19,20  For combustion controls 


which prevent NOx formation, performance is typically expressed as the NOx level, while for add-


on controls, data may be reported as a percent reduction and/or an achievable outlet NOx level. 


For the BACT analysis, specific performance levels were chosen. The rationales for the selected 


levels for each control are described in this section. 
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Table 3-2. BACT Control Hierarchy for NOx 


Technology Range of Emission Levels 
Reported, in ppmv or % 
reduction, as applicable 


Emission Level Used in 
Analysis 


% Reduction Relative to 
Uncontrolled (Heater) 


ppmv c lb/MMBtu Mechanical 
Draft 


Natural Draft 


SCR + 
Combustion 


Controls 
4 to 12 ppmv 


7 0.0085 96 92 


SNCR + 
Combustion 


Controls 


No process heater data for 
combination. Combustion 


controls are 25 to 33 ppmv, SNCR 
alone is 30 to 75 percent reduction


b 


13 0.015 93 85 


SCR 80 - 95% reduction b 18 0.022 90 80 


Combustion 
Control a 25 - 33 ppmva 


29 0.035 84 68 


SNCR 30 -75% reduction b 72 0.087 60 19 


No Control -
Natural Draft 


Heater 
89 0.11 


No Control -
Mechanical 
Draft Heater 


179 0.22 


a These represent the best burner designs for reducing NOx emissions that are commercially available for use on process 
heaters. 


These burner designs incorporate internal FGR. The same emission level can be achieved on mechanical draft and natural 
draft 


process heaters. 
b This percent reduction is relative to a mechanical draft heater. 
c Parts per million (ppm) by volume, dry basis, at three percent oxygen. 
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Combustion Controls: There is a range of designs and performance for combustion 


controls. For the BACT analysis, a level was selected to represent the best combustion controls 


that are commercially available for mechanical draft and natural draft process heaters as further 


discussed below. These include burner designs that operate with internal FGR and achieve low 


NOx emission rates. Information supplied by a trade association during the public comment 


period stated that the range of performance for the best combustion controls on new (year 2000) 


process heaters is 0.03 to 0.035 lb/MMBtu (25 to 29 ppm) with the upper end of the range 


representing heaters firing high hydrogen gas.21  Refinery fuel gas is high in hydrogen content, so 


for heaters burning refinery fuel gas or a mixture of refinery fuel gas and natural gas, the upper 


end of this range would be appropriate. Similarly, the largest burner vendor stated that they will 


guarantee process heater NOx emission levels of 0.03 to 0.04 lb/MMBtu (25 to 33 ppm) for their 


lowest emitting burner designs that can be widely used on all designs and sizes of refinery process 


heaters.6 


Combustion controls can achieve this same level of emissions for both natural draft and 


mechanical draft heaters. Even though mechanical draft heaters have higher uncontrolled 


emission rates, their design allows for improved firebox conditions control through combustion 


modifications such as internal FGR and improved control of excess air and flame shape. Based on 


this information, a level of 29 ppm (0.035 lb/MMBtu) was chosen as the achievable performance 


level for combustion controls for the BACT analysis. As previously discussed, burners that could 


achieve levels of 0.012 lb/MMBtu (10 ppm) or lower are under development but are not currently 


available for process heaters. 


SCR: SCR may be designed to achieve different levels of control by using different 


quantities of catalyst and by varying the amount of ammonia injected. Ninety percent reduction 


from uncontrolled emission levels has been achieved by SCR on boilers, and vendors indicated 


that SCR on process heaters will typically achieve a similar level of performance.13,14 


The 90 percent reduction is relative to an uncontrolled mechanical draft process heater, 


because SCR systems require a mechanical draft. Using the uncontrolled mechanical draft 


emission rate (0.22 lb/MMBtu or 179 ppmv) and 90% reduction efficiency, the outlet NOx 
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emission level for a process heater with an SCR system is 0.022 lb/MMBtu or 18 ppmv. In order 


to use an SCR system on a new process heater, a refinery would need to purchase a mechanical 


draft heater instead of a natural draft heater. Because uncontrolled natural draft heaters have 


lower emission rates than uncontrolled mechanical draft heaters, the percent reduction SCR 


achieves relative to an uncontrolled natural draft heater is lower. Specifically, an uncontrolled 


natural draft heater emits 89 ppmv, while a mechanical draft heater with SCR emits 18 ppmv. For 


a refinery that would have installed a natural draft heater in the absence of BACT requirements, 


the percent emission reduction for instead installing a mechanical draft heater with SCR control is 


approximately 80 percent. 


Combined SCR with Combustion Controls: When SCR is used in combination with 


combustion controls, the inlet NOx level to the SCR control device is lower, so lower outlet NOx 


levels can be achieved. However, the SCR system may not achieve the same percent reduction 


when starting from the low NOx inlet level of a heater with combustion controls versus from an 


uncontrolled level. Information on outlet NOx levels achieved by the combination of SCR with 


combustion control was reviewed to select a performance level for the BACT analysis. Permit 


data for refinery process heaters with the combination of SCR and combustion controls were 


obtained from the BACT/LAER Clearinghouse and the South Coast Air Quality Management 


District (SCAQMD) in California. There is one permit limit of 5 ppm for a refinery process 


heater burning natural gas. There are at least three permit limits of 7 ppm for process heaters 


burning either natural gas or a combination of refinery fuel gas and other lower sulfur gaseous 


fuels.8,22,23  Test data from process heaters firing a combination of refinery fuel gas and natural gas 


ranged from 4 ppm to 7 ppm at one refinery, and from 4 ppm to 8 ppm at another refinery.8,9, 


Inlet NOx  levels for the tested and permitted heaters ranged from 38 to 48 ppm, with one value 


up to 80 ppm. 8,9,22  (These values are all ppm by volume, dry basis, at 3 percent oxygen). Based 


on this permit and test data, a level of 7 ppmv (0.0085 lb/MMBtu) was selected for the BACT 


analysis because it has been achieved by process heaters firing mixtures of refinery fuel gas (100 


ppm sulfur content) and natural gas. Vendor information confirmed that SCR systems can be 


designed to achieve outlet emission levels below 7 ppmv for refinery heaters with combustion 


controls that achieve SCR inlet levels similar to the inlet levels for the permitted and tested 


boilers. Vendors indicate that with proper design and operation, SCR systems can continue to 
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achieve these high levels of emission reduction on process heaters fired with either natural gas or 


refinery fuel gas with a sulfur content of up to160 ppm, while avoiding the catalyst fouling 


problems described earlier (see page 3-7).13,14 


SNCR: Only one refinery process heater in the United States uses an SNCR system to 


reduce NOx. Conversations with the facility indicated that this system would be replaced in the 


future with more efficient NOx controls.24  Existing information on SNCR systems indicate they 


achieve NOx reductions ranging from 30 to 75 percent, indicating that SNCR is an inferior control 


technology to either SCR or combustion controls.2  The percent reduction for SNCR systems 


used in the process heater ACT document, 60 percent relative to an uncontrolled mechanical draft 


heater, was used in this analysis.2  This equates to an emission level of 0.09 lb/MMBtu (72 ppmv). 


Combined SNCR with Combustion Control: Available information shows that SNCR is 


not currently used in combination with combustion controls on process heaters. Thus, no data 


could be obtained on the NOx control performance of these combinations. For this analysis, the 


performance of combined SNCR with combustion controls is calculated from the NOx levels 


achieved by combustion controls and the percent reduction assumed for SNCR systems. Using a 


NOx level of 0.04 lb/MMBtu (33 ppmv)(which is the upper end of the 0.03 to 0.04 lb/MMBtu 


range for the best combustion controls) and the assumed SNCR percent reduction of 60 percent, 


the NOx level for combined SNCR with combustion control is calculated to be 0.015 lb/MMBtu 


(13 ppmv). This equates to a total reduction of 93 percent. However, no process heaters were 


identified with these control combinations and data are not available to determine if these 


technologies can be used in combination to achieve these levels. It is uncertain whether SNCR 


could achieve the same percent reduction when starting from the low NOx inlet level of a process 


heater with combustion controls versus from an uncontrolled level. 


5. BACT Analysis Step 4 - Evaluate most cost effective controls 


The control options evaluated in detail for the BACT analysis were (1) combustion 


control, and (2) the combination of combustion control with SCR, because these options are on 


the least cost envelope. A preliminary cost evaluation circulated for public comment included 
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additional options: SNCR alone, SCR alone, and combined SCR with combustion control.25 


Based on the preliminary cost analysis, it is clear that SNCR is an economically inferior option 


because it achieves less NOx emission reduction and has a higher cost than combustion controls. 


Similarly, SCR alone achieves lower NOx reductions at a higher cost that the combination of SCR 


with combustion control. (This is because the lower SCR inlet NOx achieved by combustion 


control allows the use of less ammonia, thus reducing the cost of the SCR system.) Therefore, 


SCR alone is also an economically inferior option. The preliminary analysis also showed that for 


most heaters, the combination of SNCR with combustion control is economically inferior to the 


combination of SCR with combustion control, or is not on the least cost envelope. Also, as stated 


earlier, the combination of SNCR with combustion control has not been used on process heaters, 


so its performance level is uncertain. Therefore, in revising the cost effectiveness evaluation to 


incorporate additional information and address public comments on the draft analysis, the focus 


was on the only two options that are on the least cost envelope (i.e. are the most cost-effective 


options): combustion control and the combination of SCR with combustion control. 


Several revisions have been made to the cost effectiveness analysis to address comments 


on the March 14, 2000 draft analysis. One major change is that natural draft process heaters were 


added to the analysis. The cost effectiveness of controlling of natural draft heaters is significantly 


different from mechanical draft heaters. Natural draft heaters have lower baseline uncontrolled 


emissions, so the emission reduction achieved by the control options is lower than for mechanical 


draft heaters. Also, the costs of SCR systems are somewhat higher for natural draft heaters, as 


explained in the section on cost estimation procedures (see pages 3-22 to 3-25). To analyze 


natural draft heaters, the same five heater sizes as were used for the mechanical draft heaters were 


added to the analysis. The results of the BACT cost effectiveness analyses for natural draft and 


mechanical draft heaters are presented in separate tables. Additional revisions to the cost analysis 


include the addition of costs to account for possible space constraints and a fuel penalty to 


account for the potential need to purchase additional natural gas to overcome possible reduction 


in heater thermal efficiency. These are described in the section on cost estimation procedures on 


pages 3-22 to 3-25. Finally, the performance of the control options was revised to incorporate 


additional information. The previous discussion under “BACT Analysis Step 3 - Rank remaining 
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technologies by control efficiency” provides the bases of the emission levels used in the BACT 


analysis. 


Tables 3-3 and 3-4 detail the results of the BACT analysis for the five sizes of mechanical 


draft and natural draft heaters, respectively. The tables present the emission reductions, costs, 


average cost effectiveness, and incremental cost effectiveness of the technologies that are on the 


least cost envelope. The average cost effectiveness of the combination of SCR with combustion 


control ranges from $792 to $4,238 per ton of NOx removed for mechanical draft heaters and 


from $1,696 to $9,270 per ton for natural draft heaters, depending on the size of the model 


process heater. 


Incremental cost effectiveness of the combination of SCR with combustion control 


compared to combustion control alone ranges from approximately $6,000/ton for the largest 


mechanical draft model heater to over $34,000/ton for the smallest natural draft model heater. 


The average and incremental cost effectiveness for combustion control alone is less than $100/ton 


for all size heaters. 


Site-Specific Considerations 


The emission reductions and costs used in the BACT analysis are designed to represent 


typical new mechanical draft or natural draft process heaters firing a combination of refinery gas 


and natural gas, which are the most common fuels. However, in any given case, site-specific 


factors may cause cost effectiveness to be higher or lower than the values shown. Some examples 


of site-specific factors are identified in this section. 


This report addresses only new process heaters, because it is most likely that refineries will 


add new process heaters to supply the additional heat needed by new hydrotreater units and 


hydrogen plants. If a refinery is modifying an existing heater, retrofit costs may be taken into 


consideration through a site-specific analysis. For example, there could be greater space 


constraints than assumed in this analysis, and there could be additional retrofit costs for modifying 


the existing process heater to implement combustion controls and/or SCR systems. 
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Table 3-3. Summary of Top-Down BACT Impact Analysis Results for NO
Controls for Mechanical Draft Heaters 


x 


Pollutant/ 
Emissions 


Unit 
Control 


alternative 
Emissions 


(tpy) 


Emissions 
reduction 


(b) 
(tpy) 


Economic Impacts Environmental Impacts 


Total 
annualized 


cost (c) 
($/yr) 


Average cost 
effectiveness 


(d) 
($/ton) 


Incremental 
cost 


effectiveness 
(e) 


($/ton) 


Toxics 
impact (f) 
(Yes/No) 


Adverse 
environmental 


impacts 
(Yes/No) 


Energy 
Impact (g) 


NOx/10 
MMBtu/hr 
Process 
Heaters 


Combustion 
Control+SCR 


Combustion 
Control 


Baseline 


0.4 


1.5 


9.5 


9.1 


8.0 


0 


38,701 


244 


4,238 


31 


32,874 


31 


Yes 


No 


No 


No 


None or 
small (a) 


No 


NOx/50 
MMBtu/hr 
Process 
Heaters 


Combustion 
Control+SCR 


Combustion 
Control 


Baseline 


1.9 


7.7 


47.6 


45.7 


39.8 


0 


68,170 


1,040 


1,493 


26 


11,477 


26 


Yes 


No 


No 


No 


None or 
small (a) 


No 


NOx/75 
MMBtu/hr 
Process 
Heaters 


Combustion 
Control+SCR 


Combustion 
Control 


Baseline 


2.3 


11.6 


71.3 


69.0 


59.7 


0 


89,226 


1,408 


1,293 


24 


9,462 


24 


Yes 


No 


No 


No 


None or 
small (a) 


No 


– 
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Table 3-3. Summary of Top-Down BACT Impact Analysis Results for NO
Controls for Mechanical Draft Heaters (Continued) 


x 


Pollutant/ 
Emissions 


Unit 
Control 


alternative 
Emissions 


(tpy) 


Emissions 
reduction 


(b) 
(tpy) 


Economic Impacts Environmental Impacts 


Total 
annualized 


cost (c) 
($/yr) 


Average cost 
effectiveness 


(d) 
($/ton) 


Incremental 
cost 


effectiveness 
(e) 


($/ton) 


Toxics 
impact (f) 
(Yes/No) 


Adverse 
environmental 


impacts 
(Yes/No) 


Energy 
Impact (g) 


NOx/150 
MMBtu/hr 
Process 
Heaters 


Combustion 
Control+SCR 


Combustion 
Control 


Baseline 


5.6 


23.1 


142.6 


137.0 


119.4 


0 


138,977 


2,796 


1,015 


23 


7,761 


23 


Yes 


No 


No 


No 


None or 
small (a) 


No 


NOx/ 
350 
MMBtu/hr 
Process 
Heaters 


Combustion 
Control+SCR 


Combustion 
Control 


Baseline 


13.0 


54.0 


332.6 


319.6 


278.7 


0 


253,064 


5,995 


792 


22 


6,034 


22 


Yes 


No 


No 


No 


None or 
small (a) 


No 
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a If anhydrous ammonia is used there is no energy impact. If aqueous ammonia is used there is a small energy impact. 
b Emissions reduction over baseline level. 
c Total annualized cost (capital, direct, and indirect) of purchasing, installing, and operating the proposed control alternative. A capital 


recovery factor approach using a real interest rate (i.e., absent inflation) is used to express capital costs in present-day annual cost. 
d Average cost effectiveness is total annualized cost for the control option divided by the emissions reductions resulting from the 


option. 
e The incremental cost effectiveness is the difference in annualized cost for the control option and the next most effective control 


option divided by the difference in emissions reduction resulting form the respective alternatives. 
f Toxics impact means there is a toxics impact consideration for the control alternative. 
g Energy inputs are the difference in the total project energy requirements with the control alternative and the baseline. 
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Table 3-4. Summary of Top-Down BACT Impact Analysis 
Results for NOx Controls for Natural Draft Heaters 


Pollutant/ 
Emissions 


Unit 
Control 


alternative 
Emissions 


(tpy) 


Emissions 
reduction 


(c) 
(tpy) 


Economic Impacts Environmental Impacts 


Total 
annualized 


cost (d) 
($/yr) 


Average cost 
effectiveness 


(e) 
($/ton) 


Incremental 
cost 


effectiveness 
(f) 


($/ton) 


Toxics 
impact 


(g) 
(Yes/No) 


Adverse 
environmental 


impacts 
(Yes/No) 


Energy 
Impact (h) 


NOx/ 
10 
MMBtu/hr 
Process 
Heaters 


Combustion 
Control+SCR(a) 


Combustion 
Control 


Baseline 


0.4 


1.5 


4.7 


4.4 


3.2 


0 


40,400 


244 


9,270 


76 


34,594 


76 


Yes 


No 


No 


No 


None or 
small (b) 


No 


NOx/ 
50 
MMBtu/hr 
Process 
Heaters 


Combustion 
Control+SCR(a) 


Combustion 
Control 


Baseline 


1.9 


7.7 


23.7 


21.8 


16.0 


0 


71,710 


1,040 


3,291 


65 


12,176 


65 


Yes 


No 


No 


No 


None or 
small (b) 


No 


NOx/ 
75 
MMBtu/hr 
Process 
Heaters 


Combustion 
Control+SCR(a ) 


Combustion 
Control 


Baseline 


2.8 


11.7 


36.0 


33.2 


24.3 


0 


93,474 


1,408 


2,818 


58 


10,422 


58 


Yes 


No 


No 


No 


None or 
small (b) 


No 


– 
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Table 3-4. Summary of Top-Down BACT Impact Analysis 
xResults for NO  Controls for Natural Draft Heaters (Continued) 


Pollutant/ 
Emissions 


Unit 
Control 


alternative 
Emissions 


(tpy) 


Emissions 
reduction 


(c) 
(tpy) 


Economic Impacts Environmental Impacts 


Total 
annualized 


cost (d) 
($/yr) 


Average cost 
effectiveness 


(e) 
($/ton) 


Incremental 
cost 


effectiveness 
(f) 


($/ton) 


Toxics 
impact 


(g) 
(Yes/No) 


Adverse 
environmental 


impacts 
(Yes/No) 


Energy 
Impact (h) 


NOx/150 
MMBtu/hr 
Process 
Heaters 


Combustion 
Control+SCR(a ) 


Combustion 
Control 


Baseline 


5.6 


23.0 


71.0 


65.4 


48.0 


0 


143,933 


2,796 


2,202 


58 


8,106 


58 


Yes 


No 


No 


No 


None or 
small (b) 


No 


NOx/ 
350 
MMBtu/hr 
Process 
Heaters 


Combustion 
Control+SCR 


Combustion 
Control 


Baseline 


13.0 


53.7 


165.5 


152.5 


119.9 


0 


258,728 


5,995 


1,696 


54 


6,221 


54 


Yes 


No 


No 


No 


None or 
small (a) 


No 
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a Emissions and emissions reductions based on natural draft baseline. Economic impacts account for costs incurred above that for natural draft heaters due to

installation and operation of mechanical draft heater necessary for SCR control device operation.

b If anhydrous ammonia is used there is no energy impact. If aqueous ammonia is used there is a small energy impact. 

c Emissions reduction over baseline level.

d Total annualized cost (capital, direct, and indirect) of purchasing, installing, and operating the proposed control alternative. A capital recovery factor

approach



using a real interest rate (i.e., absent inflation) is used to express capital costs in present-day annual cost.

e Average cost effectiveness is total annualized cost for the control option divided by the emissions reductions resulting from the option.

f The incremental cost effectiveness is the difference in annualized cost for the control option and the next most effective control option divided by the

difference



in emissions reduction resulting form the respective alternatives.

g Toxics impact means there is a toxics impact consideration for the control alternative.

h Energy inputs are the difference in the total project energy requirements with the control alternative and the baseline.








The performance levels of the control techniques are an important factor in determining 


the cost effectiveness. This analysis assumes combustion control can achieve 29 ppmv NOx, and 


the combination of SCR with combustion control achieve 7 ppmv. If a particular site can 


demonstrate that through use of a new, more advanced combustion control they can achieve an 


emission rate that is significantly lower than 29 ppmv, then the additional emission reduction that 


could be achieved by adding SCR would decrease. Therefore, the incremental cost per ton of 


NOx reduction for the combination of SCR with combustion control option would increase. 


Some commenters were concerned that the performance level for the combination of SCR 


with combustion control in the March 2000 draft analysis (5 ppm) could not be achieved by 


process heaters firing refinery gas, or that the occurrence of catalyst fouling would reduce control 


efficiency and increase costs. The issue of catalyst fouling is addressed in the discussion of 


“BACT Analysis Step 1. Identify all control technologies.”  The revised analysis uses a 


performance level of 7 ppm, which has been achieved by refinery process heaters firing a mixture 


of refinery gas at 100 ppm sulfur and natural gas. Information from vendors indicates that the 


same performance levels could be achieved for refinery gas with a sulfur content of up to 160 ppm 


sulfur (the NSPS limit for new process heaters). However, if a refiner performs a site-specific 


evaluation of the feasibility of adding the combination of SCR with combustion control to their 


process heaters and can support with technical data and analyses that they would need to fire 


lower sulfur fuel to meet a performance level of 7 ppm, then they could perform a site-specific 


cost analysis of the additional costs to reduce the sulfur content of their refinery gas or to 


purchase additional natural gas to blend with their refinery gas. This analysis does not include the 


cost of switching from refinery gas to natural gas or of treating the refinery fuel gas to reduce its 


sulfur content. 


This analysis includes a 1.5 percent fuel penalty for the combination of SCR with 


combustion control to account for the potential need to purchase 1.5 percent more fuel (natural 


gas) to overcome the possible loss of heater thermal efficiency due to the addition of controls. 


(See page 3-24 for further discussion.) If a process heater is burning refinery fuel gas (or a 


combination of refinery fuel gas and natural gas) and the refinery has excess refinery fuel gas 
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available that is being flared, then a fuel penalty would not be incurred. The process heater could 


burn 1.5 percent additional refinery fuel gas instead of purchasing more natural gas, and the costs 


of SCR control would be significantly lower than presented in this BACT analysis. Another 


consideration is that the fuel penalty was calculated based on an average natural gas price. The 


price and availability of natural gas at a particular site could vary, influencing site-specific costs 


and cost effectiveness. 


The following sections explain the cost estimation procedures used in the BACT analysis, 


and the basis of these procedures. If a site-specific analysis is performed, one should consider 


whether there are site-specific characteristics that are significantly different from the typical cases 


described in this report that warrant changes to these cost estimation procedures. 


Cost Estimates for Combustion Control 


Capital costs for combustion control are based on information supplied by vendors and 


industry experts.20,26  The capital cost of the combustion control option is the difference between 


the costs of the best performing, commonly available, lower NOx burner and a standard burner. 


The costs of a combustion control system is a function of the capital cost per burner and the 


number of burners in a process heater. 


The price per burner for the combustion control system was given as a range, with the 


advice that the lower costs represented quotes given for higher volume orders.6  For this analysis, 


the price of a single 10 MMBtu/hr burner was assumed to be $5000.6  To account for economy of 


scale pricing, the following equation was used to calculate the price per burner for multiple 


burners: 


N0.9 
Burner Cost = $5000 · 


N 


where N equals the number of burners per heater. The N0.9/N factor was chosen because it 


generates burner price estimates that fall within the price vs. quantity range as given by a vendor.6 


Each burner was assumed to be approximately 10 MMBtu/hr in size. As a result, the smallest 


3-21








heater contains only one burner at a cost of $5,000. The 75 MMBtu/hr heater contains 7 burners 


at a cost of $4,116 per burner, and the 350 MMBtu/hr heater contains 35 burners at a 


cost of $3,504 per burner. The costs for the windbox, burner control systems, and other ancillary 


equipment were not included, since these costs would be incurred by a new heater using standard 


burners. Vendors and industry experts claimed that these costs would not be different for a 


process heater with combustion control versus standard burners, nor would installation costs 


differ.6,26 


The capital cost of using combustion control to control NOx emissions from new process 


heaters is the difference between the best performing, commonly available low NOx burner cost 


and the cost of a standard burner. A standard burner price was given to be about 2/3 the cost of 


the best performing lower NOx burners.6  For each size model process heater the cost of a 


standard burner was assumed to be 2/3 of the combustion control burner cost. The standard 


burner cost was subtracted from the combustion control burner cost to get the difference. 


The annualized costs of combustion control consist only of the capital recovery for the 


burners. Vendors and industry experts stated that annual operating costs of these burners do not 


exceed those for a standard burner.6,26  An assumed interest rate of 7 percent and a useful burner 


life of 10 years was used for computing annualized costs. The interest rate chosen (7 percent) is 


consistent with EPA guidance for control costing and PSD assessments. Appendix A contains 


information supplied by vendors and cost calculations for combustion control. 


Cost Estimates for SCR 


There are several sources of cost information for SCR systems, including the process 


heaters ACT document and cost information available for boilers. However, the process heater 


specific information for the ACT was collected in 1986 and is outdated considering the growth in 


SCR vendors and reduction in cost from increased competition and wider use of SCR technology. 


The boiler-specific information was determined to not adequately characterize costs of controlling 


process heaters because it was developed for large utility boilers. 
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In order to obtain current cost data, we contacted vendors supplying SCR systems 


specifically for process heaters. (Appendix A contains vendor supplied information and example 


cost calculations for SCR systems.) The most stringent NOx regulations are in the South Coast 


Air Quality Management District (SCAQMD) of California. A review of the SCAQMD permit 


database showed several vendors with SCR applications in place on process heaters. Two of the 


vendors provided detailed cost information for this analysis.13,14  One of the vendors provides a 


standard SCR system. The other vendor supplies a low temperature SCR system, which is 


discussed further in a journal article for this particular system.19  Costs for both systems are 


comparable, although the low temperature system was the less expensive of the two. The vendor 


providing the standard SCR system provided a range of cost values. The average of this range 


was averaged with the cost provided by the low temperature SCR vendor. 


Both vendors provided capital costs of SCR systems on 5 process heater sizes (10, 50, 75, 


150, and 350 MMBtu/hr) burning refinery fuel gas and with inlet NOx concentrations of 179 


ppmv (i.e., uncontrolled levels) and approximately 33 ppmv (after combustion controls). Capital 


costs are for systems comprised of an ammonia injection grid, blower, control valves, controls, 


and catalyst, and also included installation costs. Catalyst costs range from 5 to 20 percent of 


total capital costs depending on the size of the process heater. Additional costs not provided by 


the vendors include ammonia storage and handling and sales taxes. For this analysis, the storage 


and handling cost was assumed to be 10 percent of capital costs based on discussion with a 


vendor.14  Sales taxes were assumed to be 3 percent of the capital cost of the installed equipment 


based on the OAQPS Control Cost Manual.27 


Annual costs include capital recovery, ammonia cost, fuel penalty, and miscellaneous 


expenses. Capital recovery was calculated assuming 7 percent interest rate over the lifetime of 


the installed equipment. Vendors indicated that equipment life (excluding catalyst) could be 


assumed to be 20 years.13,14,15  Vendors also indicated that catalyst life is generally 5 years. 13,14,15 


Ammonia usage was estimated using the stoichiometric relationship between ammonia and NOx 


and the reduction in NOx assumed for this analysis. Ammonia cost was calculated assuming 


anhydrous ammonia ($360/ton) was used.28  This provides a conservatively high estimate of 


ammonia purchase costs. The vendors indicated that energy costs are minimal and negligible if 
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anhydrous ammonia is used. A very small energy cost would be incurred to boil off water if 


aqueous ammonia were used.13,14,15 


Based on comments made on the preliminary BACT analysis, a fuel penalty cost was 


incorporated into the annual cost estimates. The fuel penalty accounts for the potential need to 


purchase fuel to overcome the possible loss of heater thermal efficiency due to the addition of 


add-on controls. For this analysis, it was assumed that a refinery would not have excess refinery 


gas that could be used and would therefore need to purchase natural gas. The ACT document 


provides a fuel penalty of 1.5 percent of the heater capacity.2  The capacity of the process heater 


(MMBtu/hr) was multiplied by 1.5 percent resulting in the amount of heat input that would be 


required from the additional natural gas. Using a typical heat content of natural gas allowed the 


calculation of the amount of natural gas that would be required. The cost of the natural gas was 


calculated using the 1999 cost of $3.04 per cubic foot. 


Additional space may also be necessary for the SCR system and associated ductwork. For 


new process heaters, space considerations would probably be incorporated into their design and 


layout and not be assigned to the cost of the SCR system. However, in order to account for the 


possibility that additional costs might be incurred, the costs of the SCR system and associated 


ductwork were increased by a nominal amount, 10 percent. 


Commenters to the preliminary BACT analysis indicated that many refineries may 


purchase natural draft heaters instead of mechanical draft heaters in the absence of BACT 


requirements. However, if an add-on control such as an SCR system is required, then a 


mechanical draft heater would be needed. Consequently, the additional costs to purchase a 


mechanical draft heater instead of a natural draft heater were incorporated into the SCR costs, for 


use in cases where a natural draft heater would be purchased in the absence of BACT 


requirements. These costs are included in Table 3-4 for natural draft heaters. The additional 


costs for mechanical draft were calculated using data from a process heater vendor who provided 


capital cost information for process heaters with and without an SCR system.29  Costs were 


provided for the process heater sizes used in this analysis. The vendor indicated that 


approximately 15 percent of the difference in the costs between the heaters with and without SCR 


could be attributed to the addition of a mechanical draft system (i.e., burners, fans, and 
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ductwork).29  The annual cost for mechanical draft was calculated by annualizing the capital cost 


differences between mechanical draft and natural draft heaters assuming a 20 year life of the 


mechanical draft system. 


As explained on page 3-3, some refineries would purchase a mechanical draft heater even 


in the absence of BACT requirements. For such refineries, the cost of mechanical draft should 


not be included in the BACT analysis. The SCR cost for such refineries are shown in Table 3-3 


for mechanical draft heaters. 


Other Environmental and Energy Considerations 


The combination of SCR with combustion control has associated ammonia emissions. 


This is due to the ammonia slip of the SCR system, where unreacted ammonia is emitted with the 


flue gas. Although not a HAP, ammonia is treated as a toxic in some states, e.g., California. SCR 


vendors have indicated that they can reduce ammonia slips to less than 10 ppmv.13,14,15  Actual 


ammonia levels on boilers are typically lower than 10 ppmv, and SCR process heater applications 


should result in similar levels. Ammonia slip limits of 5 to 10 ppmv have been included in permits 


for combustion sources.12  Compliance with such permit limits will ensure ammonia emissions 


below health and odor thresholds. 


There is also a small energy impact associated with SCR systems if aqueous ammonia is 


used. Anhydrous ammonia storage safety concerns in heavily populated areas may warrant the 


use of aqueous ammonia. When aqueous ammonia is used, additional energy is needed for 


vaporization. (Note that this energy use and the associated energy cost would be site-specific, but 


is typically a negligible part of the total cost for SCR systems.) 


Do NOx Controls Affect CO Emissions? 


NOx controls discussed in this section of the report do not have an appreciable affect on 


CO emissions. When combustion controls are added to a combustion unit, the possibility exists 


that the modification could inhibit complete combustion, thus increasing CO emissions. Vendors 


and industry experts were asked what level of CO emissions could be expected when using these 
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control devices. From these discussions, it can be concluded that the use of the burners analyzed 


in this report do not cause an increase in CO emissions.5,6  The CO emission factors for low NOx 


burners in the AP-42 document are the same as those for a standard burner design.30  This 


supports the conclusions from various burner vendors that these NOx control devices have been 


designed so as to not increase CO emissions. Furthermore, review of the BACT/LAER 


clearinghouse indicates that permit limits for CO emissions from several process heaters with 


combustion controls (referred to in the clearing house as low NOx burners or ultra low NOx 


burners) are no higher than emission levels expected for standard burners, supporting the 


conclusion that use of these combustion controls do not increase CO emissions.4 


The add-on NOx controls analyzed would not be expected to affect CO emission levels. 


Vendors of SCR indicated that the use of SCR does not affect CO emissions.14 
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4.0 EQUIPMENT LEAK VOC CONTROL ANALYSIS 


1.	 How much VOC could be emitted from new hydrotreating units and new hydrogen 
plants? 


The main source of VOC emissions from new hydrotreating units and hydrogen plants is 


equipment leaks. Such leaks typically occur at valves, pumps, compressors, flanges/connectors, 


pressure relief devices, open-ended lines, and sampling connections. These are commonly 


referred to as “components”. These equipment components are also identified by the type of 


process stream they service, such as heavy liquid, light liquid, or gaseous, because the type of 


stream influences emissions. Any new refinery process unit would have these equipment 


components. Potential VOC emissions from a new refinery process unit depend on the number 


and types of components in the process unit, and on what regulations apply to the process units. 


Based on average component counts, if a refinery with a crude processing capacity greater than 


50,000 barrels per standard day (bbl/sd) added a new hydrotreating unit and a new hydrogen 


plant, VOC emissions would increase by 40 tons per year (the PSD threshold), without 


consideration of VOC emissions from other process units or emission points. (This calculation 


assumes that the new equipment would be subject to the equipment leak NSPS and the petroleum 


refinery NESHAP for existing sources.) However, because emissions are sensitive to equipment 


component counts, potential VOC emissions from equipment leaks at specific refineries adding 


these units could be above or below 40 tpy. 


Other possible sources of VOC emissions are flue gases from new gas-fired process 


heaters at the hydrotreating unit and hydrogen plant. However, VOC emissions from new gas-


fired heaters are anticipated to be very low. Therefore, such emissions are not quantified in this 


analysis. If a steam reforming process is used in the hydrogen plant, there is a carbon dioxide 


(CO2) vent that may contain low levels of VOC. No information on VOC emission rates from this 


type of vent was obtained for this analysis. However, refineries that add steam reforming 


processes and have data to estimate emissions from this vent should include them in site-specific 


analyses of VOC increases. There may also be an inert gas vent from the sour water stripper that 


could contain VOC. This vent may be routed within the refinery for recovery rather than vented 


to the atmosphere. 
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Methodology for Calculating Equipment Leak VOC Emissions 


EPA’s 1995 Protocol for Equipment Leak Emission Estimates provides information to 


calculate VOC emissions from equipment leaks using average emission factors or measured 


hydrocarbon concentration values.31  For this analysis, concentration information was not 


available, so the average emission factor for each equipment component was used. The average 


emission factor method is also appropriate because this analysis is meant to represent typical 


plants, not any specific individual plants. Average emission factors for each component are 


presented in Appendix Tables B-1A and B-1B. 


Uncontrolled emissions were estimated by multiplying the average emission factors, the 


number of equipment components, and the hours of operation a year. For this analysis, 


8,760 hours of operation per year (i.e., 24 hours a day for 365 days) was used in calculations. 


Component counts are typically not greatly influenced by the size or throughput of a unit 


or plant. However, in order to account for any chance of variation in component counts between 


units at small and large refineries, this analysis was conducted for refineries that have crude 


throughputs less than 50,000 bbl/sd (i.e. small refineries) and greater than 50,000 bbl/sd (i.e., 


larger refineries). Average equipment counts for hydrotreating units and hydrogen plants at large 


and small refineries were obtained from previous studies conducted for EPA's petroleum refinery 


national emission standards for hazardous air pollutants (NESHAP).32  Equipment component 


counts are not expected to significantly differ between fluidized catalytic cracking unit (FCCU) 


feed hydrotreating and product stream hydrotreating. Therefore, no differentiation was made 


between them. Additionally, splitter fraction towers may be added in association with some 


product hydrotreating units, but these are simple distillation vessels, and would be within the 


range of component counts used to develop average component counts for hydrotreating units. 


Appendix Tables B-1A and B-1B present the average component counts used in this analysis. 


Emission Estimates 


Table 4-1 summarizes the uncontrolled VOC emissions for small and large refinery 


hydrotreating units and hydrogen plants. Emissions by component type are shown in 
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Appendix B-1. For this analysis, uncontrolled emissions from hydrotreating units were 77 tpy for 


small refineries and 133 tpy for large refineries. Uncontrolled emissions from hydrogen plants 


were 71 tpy for small refineries and 131 tpy for large refineries. It is important to note that 


emissions, and consequently emission reductions from applying controls, are strongly influenced 


by component counts. Therefore, specific component count information would be needed to 


calculate whether a particular refinery exceeds PSD significance levels. 


Table 4-1. Emissions of VOC from Equipment Leaks (tpy)a 


Regulations 
Constraining Emissions 


VOC Emissions (tpy) for 
Small Refinery (<50,000 bbl/sd) 


VOC Emissions (tpy) for 
Large Refinery (>50,000 bbl/sd) 


Hydrotreater 
Hydrogen 


plant Total Hydrotreater 
Hydrogen 


plant Total 
Uncontrolled 77 71 148 133 131 264 
NSPS/Existing Source 
NESHAP 


14 8 22 23 17 40 


New Source NESHAP 7 3 10 12 6 18 
HON 6 3 9 9 5 14 
a Based on average component counts 


For determining PSD applicability, the potential to emit may be constrained by new source 


performance standards (NSPS) and NESHAP regulations. VOC emission reductions were 


estimated for various equipment leak control programs, as further described under BACT 


Analysis Step 1 and BACT Analysis Step 3, below. Depending on the extent of construction or 


reconstruction, new refinery process units will likely be required to meet the refinery NSPS 


(40 CFR 60 subpart GGG). Under the refinery NESHAP, new process units may be considered 


separate new sources subject to new source MACT, or they may be considered part of the 


existing refinery source subject to existing source MACT. (This determination depends on how 


much HAP is emitted by the new process unit and other factors as described in 40 CFR 63.640). 


The level of equipment leaks control the NESHAP requires for existing sources is the same as the 


NSPS, whereas the level the NESHAP requires for new sources is more stringent than the NSPS. 


As shown in Table 4-1, for sources subject to the NSPS and/or the NESHAP for existing sources, 


the emissions after controls would be 14 to 23 tpy for hydrotreating units and 8 to 17 tpy for 


hydrogen units, for small and large refineries respectively. The total for the two units at large 


refineries (40 tpy) reaches the PSD threshold without consideration of any other VOC emissions. 


Emissions from units subject to the NESHAP for new sources would be lower. 
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Organic HAP emissions were calculated for hydrotreating units using speciation 


information gathered for the petroleum refinery NESHAP, and are shown in Appendix tables 


B1-A and B3-A. The NESHAP provided information on the percentage of HAPs found in 


gaseous, light liquid, and heavy liquid streams associated with a process unit. Organic HAP 


compositions were not available for hydrogen plants. 


2. BACT Analysis Step 1 - Identify all control technologies 


A quantitative BACT analysis was conducted to assess equipment leak control options for 


those refineries that are subject to PSD review. Emissions from leaking refinery equipment are 


reduced through a combination of equipment modifications and leak detection and repair 


(LDAR). Equipment modifications are controls added to equipment to reduce emissions, such as 


closed vent systems, and using leakless equipment. Leak detection and repair involves monitoring 


components with a hydrocarbon analyzer, identifying components that leak above the leak 


definition levels specified in the equipment leak standard, and subsequently repairing the leak. 


Several equipment leak control programs were reviewed for this analysis. The federal 


programs that are the most stringent include: 


• The hazardous organic NESHAP (HON) (40 CFR Part 63 Subpart H), 


• The petroleum refinery NESHAP for new sources (40 CFR Part 63 Subpart CC), and 


• The refinery NSPS (40 CFR Part 60 Subpart GGG). 


The petroleum refinery NESHAP for existing sources allows refineries to comply with either the 


petroleum refinery NESHAP for new sources or the NSPS. The petroleum refinery NESHAP for 


existing sources was not included as a separate control level in this analysis because both of the 


two rules it references were included. 


Appendix Table B-2 summarizes the most relevant aspects and requirements of the federal 


equipment leaks control programs. In general, the HON requires monthly monitoring of values 


and pumps (with decreasing frequency for good performance), a leak definition (i.e., the VOC 


concentration level that indicates a leak) of 10,000 ppmv reducing to 500 ppmv, and annual 
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connector monitoring. The refinery NESHAP for new sources has the same requirements as the 


HON, except connector monitoring is not required. The NSPS requires monthly monitoring of 


valves and pumps at a leak definition of 10,000 ppmv. The NSPS allows less frequent monitoring 


of valves for good performance, but requires pumps to be monitored monthly with no decreasing 


frequency. Unlike the HON and refinery NESHAP for new sources, the NSPS leak definition 


does not decrease from 10,000 ppmv for monitored equipment. Use of some non-leaking 


equipment is also allowed or required. 


The most stringent State or regional equipment leaks control programs reviewed were 


ones required in California’s South Coast Air Quality Management District (SCAQMD) 


(Rule 1173), and Bay Area Air Quality Management District (BAAQMD) (Rule 8-18). 


However, the equipment leak standards from California were not included in this analysis because 


they are based on a different leak detection methodology. This difference is significant enough 


that the California standards cannot accurately be compared to the Federal regulations. The 


limited comparisons that can be made indicate that the HON and new source refinery NESHAP 


standards may be more stringent than the SCAQMD and BAAQMD equipment leak rules. 


3. BACT Analysis Step 2 - Eliminate technically infeasible options 


None of the control options were determined to be infeasible. All require the same types 


of monitoring equipment or modifications. 


4. BACT Analysis Step 3 - Rank remaining technologies by control efficiency 


Table 4-2 presents the reductions achieved by applying (1) the HON rule, (2) the refinery 


NESHAP for new sources, and (3) the refinery NSPS to uncontrolled hydrogen units and 


hydrotreating units at small and large refineries. The percent reductions vary between these two 


types of units and between large and small refineries because equipment component counts vary. 


The table shows that the HON is the most stringent followed by the refinery NESHAP for new 


sources and the refinery NSPS. Detailed calculations used for the rankings are presented in 


Appendix Tables B-3A through B-3D. 
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The primary difference between the HON rule and the refinery NESHAP new source 


standards is that the HON requires connector monitoring while the refinery NESHAP does not. 


The refinery NSPS is less stringent than either the HON or the refinery NESHAP for new sources 


because of differences such as monitoring frequencies for pumps, requirements for connectors, 


and the level that constitutes a leak. 


VOC emission reductions were calculated by applying the reduction efficiencies per 


component that are provided in the 1995 Protocol for Equipment Leak Emission Estimates and 


background memoranda for the petroleum refinery NESHAP.31,33  For components in a LDAR 


program, the reductions are based on the type of equipment monitored, type of stream the 


equipment is servicing, the monitoring frequency of the equipment, and the level that constitutes a 


leak (e.g., valves in light liquid service that are monitored monthly at a leak definition of 10,000 


ppm VOC have a reduction efficiency of 76 percent). Equipment modifications were assigned the 


emission reduction provided in the documents. Percent reductions for a process unit subject to a 


particular standard were calculated by summing the reductions for each component and dividing 


by the total uncontrolled emissions from the process unit. 


Table 4-2. BACT Control Hierarchy for Equipment Leaks 


Pollutant Control Program 
Range of 


Control (%)a 


VOC HON 92 - 96 


Petroleum refinery NESHAP for new sources 91 - 95 


Petroleum refinery NSPS 81 - 88 


Baseline Alternative 


HAP HON 92 - 96 


Petroleum refinery NESHAP for new sources 91 - 95 


Petroleum refinery NSPS 81 - 88 


Baseline Alternative — 
a Range represents control of hydrotreating units and hydrogen plants at 


small and large refineries. 


5. BACT Analysis Step 4 - Evaluate most cost effective controls 


Figures 4-1 and 4-2 present the annualized cost of each control program and the 


associated emission reductions for large and small hydrotreating units, respectively. Figures 4-3 
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and 4-4 present the same information for hydrogen plants. The figures show that the refinery 


NSPS is an economically inferior option in all cases. The HON rule and the refinery NESHAP for 


new sources are on the envelope of least-cost alternatives. Therefore, incremental cost 


effectiveness of these two options are examined in detail. 


Table 4-3 presents the comparison of VOC emission reductions, annualized cost, average 


cost effectiveness, and incremental cost effectiveness for the HON rule and the refinery NESHAP 


for new sources. The table also presents potential HAP reductions from each rule. The HAPs 


include benzene, toluene, xylene, ethylbenzene, and hexane. 


Annualized costs were calculated as the sum of capital recovery, annual operating 


expenses, and recovery credits. Capital recovery was calculated assuming a 7 percent interest 


rate over the life of the equipment. In most cases equipment life was assumed to be 10 years. 


Capital expenses that were annualized include equipment modifications (e.g., closed vent systems 


on compressors) and initial LDAR expenses (e.g., tagging and identifying equipment, 
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Figure 4-1.

Equipment Leak Control Levels for Large Hydrotreaters- Cost and Reductions
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Figure 4-2.

Equipment Leak Control Levels for Small Hydrotreaters- Costs and Reductions
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Figure 4-3.

Equipment Leak Control Levels for Large Hydrogen Units - Costs and Reductions
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Figure 4-4.

Equipment Leak Control Levels for Small Hydrogen Units - Costs and Reductions
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--- --- --- --- --- ---


--- --- --- --- --- ---
---


---


--- --- --- --- --- ---
---


---


--- --- --- --- --- ---


Table 4-3. Summary of Top-Down BACT Impacts Analysis Results for Equipment Leaks 


Pollutant/ 
Emission 
Unit 


Emissions 
Unit/ 
Size 


Control 
Alternative 


Emissions 
(tpy) 


Emission 
Reductions 


(tpy) 


Percent 
Reducti 


on 


Economic Impacts Environmental Impacts 


Energy 
Impacts 


Total 
Annualized 


Cost 
($/yr) 


Average 
Cost-


Effectiveness 
($/ton VOC) 


Incremental 
Cost 


Effectiveness 
($/ton VOC) 


HAP 
Reductions 


(tpy) 


Adverse 
Environmental 


Impacts 
(Yes/No) 


VOC/ 
Hydrotreater 


Large Refinerya HON 
New source refinery 
NESHAP 
Baseline 
(uncontrolled) 


9 
12 


133 


124 
120 


94% 
91% 


34,539 
27,321 


278 
227 


1,963 
227 


22 
21 


No 
No 


No 
No 


VOC/ 
Hydrotreater 


Small 
Refineryb 


HON 


New source refinery 
NESHAP 
Baseline 


6 


7 


77 


71 


70 


92% 


91% 


10,701 


10,086 


151 


145 


434 


145 


12 


12 


No 


No 


No 


No 


VOC/ 
Hydrogen 
Unit 


Large Refinerya HON 


New source refinery 
NESHAP 
Baseline 


5 


6 


131 


126 


125 


96% 


95% 


12,847 


11,312 


102 


91 


1,963 


91 


No 


No 


No 


No 


VOC/ 
Hydrogen 
Unit 


Small 
Refineryb 


HON 


New source refinery 
NESHAP 
Baseline 


3 


3 


71 


69 


68 


96% 


95% 


6,794 


6,470 


99 


95 


434 


95 


No 


No 


No 


No 
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a Refinery with a crude capacity > 50,000 bbl/sd. 
b Refinery with a crude capacity < 50,000 bbl/sd. 







initial monitoring, data collection systems, initial repair, etc.). Annual costs include miscellaneous



costs, maintenance costs, and operating costs for the LDAR program (such as 



monitoring, data logging, visual inspection, repair, etc.) A more detailed description of the cost



components and factors used can be found in background information used in the petroleum



refinery NESHAP and in EPA guidance documents.34,35  The base year of the costs is first quarter



1992. All costs were escalated to 1999 dollars using the Chemical Engineering cost index.36



Savings in process fluid from applying each control program are calculated as credits to 


the annual cost (i.e., subtracted from the cost). The credit factor ($215/Mg VOC reduced) was 


based on a 1982 EPA analysis,34,37 and was extrapolated to 1999 dollars by taking the ratio of 


crude oil prices from 1999 to 1982.38,39 
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5.0 OTHER POLLUTANTS AND EMISSION SOURCES 


1. Would PM emissions from refineries increase? 


Generally, it is not expected that PM emission increases will occur due to the increases in 


hydrotreating capacity. It is expected that heaters added for new hydrotreating units and 


hydrogen plants will burn natural gas or refinery gas, and PM emissions from these units will be 


negligible. However, if a refinery adds a heater that burns fuel oil, PM emissions should be 


assessed. PM emission estimates can be performed using emission factors found in AP-42.40 


Hydrotreaters, hydrogen plants, amine treatment units, sulfur plants, and tail gas units do not 


include any significant sources of PM emissions, other than oil-fired heaters. 


2. Would CO emissions from refineries increase? 


New process heaters added for new hydrotreating units and hydrogen plants will emit CO. 


The amount of CO emissions increase will depend on the size of the heaters added. An emission 


factor derived from process heater test data could not be found, but EPA’s compilation of 


emission factors, AP-4230, provides emission factors for external combustion sources. The 


emission factors presented in AP-42 are based on test data for boilers and are considered 


acceptable for estimating emissions from process heaters when process heater data are not 


available. An emission factor of 0.0824 lb/MMBtu, which is the factor for small (less than 


100 MMBtu/hr) boilers burning natural gas, was used to estimate CO emissions from process 


heaters burning natural gas or refinery fuel gas. Applying this emission factor, we estimated that a 


refinery would have to add 277 MMBtu/hr of total heater capacity to potentially increase CO 


emissions to the PSD significance level of 100 tons per year. Only a very large refinery adding a 


hydrotreating unit to treat the FCCU feed stream (rather than the gasoline streams) would be 


likely to increase CO emissions from new heaters above the PSD significance level. 


3. Would the process changes require more energy and increase power plant emissions? 


New hydrotreater units and associated increases in capacity of hydrogen plants, amine 


treatment units, and sulfur recovery units will demand more energy in the form of steam and 
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electricity. Steam is used in the hydrotreating and hydrogen reforming processes as well as in the 


operation and maintenance of refinery equipment. Electricity is needed to power refinery 


equipment, such as pumps and monitoring and control equipment, in addition to being required 


for general refinery operations. The EPA has estimated electricity demand to be 1.69 kilowatt-


hours per barrel (kWh/Bbl) for hydrogen plants and to range from 0.44 to 1.55 kWh/Bbl for 


hydrotreating units.41  Steam and electricity are expected to be supplied by a refinery power plant. 


Refinery power plants produce steam and generate electricity using boilers fired with natural gas, 


refinery gas, or fuel oil. The increased demand for steam and electricity will mean increased boiler 


operation and, potentially, increased boiler emissions. It is unlikely that new boilers would need 


to be added, but existing boilers would burn more fuel. Previous NSR and PSD permitting 


guidance should be consulted to determine whether or not the specific situation at a refinery 


power plant would be considered a change in method of operation and require a calculation of 


emissions increases. Emission factors to estimate increases in NOx, CO, SO2, and PM from 


boilers are available in AP-42.40  Because boilers are widely used in industrial processes and are 


often a source of significant increases of criteria pollutants, PSD permitting for boilers is well-


understood and documented. Therefore, boilers are not discussed further in this document. 
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Appendix A 


NOx Controls Analysis 


A.1 Vendor Information 


A.2 Cost Calculations 







A.1 Vendor Information 


The following vendor information is contained in Appendix A.1. 


•	 Teleconference between Jason Huckaby, ERG, Inc. and H. Van Alstine, Koch Industries 
(John Zink Company), October 20, 1999 and November 9, 1999. 


•	 Letter from Russell Goerlich, CRI Catalysts, Inc. to Roy Oommen, ERG, Inc. November 
24, 1999. 


•	 Teleconference between Roy Oommen, ERG, Inc. and Tim Shippey, Peerless Mfg. Co. 
December 3, 1999. 


•	 E-mail message “Up Fired heater burners” from Jim Thornton, Carolina Combustion 
Resouces, Inc. to Jason Huckaby, ERG, Inc. October 28, 1999. 


• Excerpt from confidential memo from a process heater equipment manufacturer. 


Copies of vendor submitted information are not available electronically. 







A.2 Cost Calculations 







Appendix A.2.1 Combustion Control Cost Calculations 


Heater 
Size 


(MMBtu) 
Number of 
Burnersa 


Standard Burner 
Capital Costs 


Annual 
Costs 
($/yr)e 


Standard 
Burner 


Price ($)g 


Purchased 
Equipment 
Cost ($)c 


Total 
Capital 


Cost ($)d 


10 
50 
75 
150 
350 


1 
5 
7 
15 
35 


3,333 3,333 3,433 
2,838 14,189 14,615 
2,744 19,207 19,784 
2,543 38,138 39,282 
2,336 81,760 84,213 


489 
2,081 
2,817 
5,593 


11,990 


Heater 
Size 


(MMBtu) 
Number of 
Burnersa 


Combustion Control Burner 
Capital Costs 


Annual 
Costs 
($/yr)e 


Annual 
Cost 


Differential 
($/yr)f 


Price per 
Burner ($)b 


Purchased 
Equipment 
Cost ($)c 


Total 
Capital 


Cost ($)d 


10 
50 
75 
150 
350 


1 
5 
7 
15 
35 


5,000 5,000 5,150 
4,257 21,283 21,922 
4,116 28,811 29,675 
3,814 57,207 58,924 
3,504 122,640 126,319 


733 
3,121 
4,225 
8,389 


17,985 


244 
1,040 
1,408 
2,796 
5,995 


a  As per vendor advice. 


b See Appendix A.1 for vendor supplied information. Burner price was calculated by multiplying the single burner price by: 
[(# burners)^0.9/(# burners)] to account for economy of scale pricing, per vendor data. 


c Calculated by multiplying price per burner and number of burners. Assumes no installation in excess of standard burner installation costs. 


d Calculated assuming 3% tax rate on purchased equipment cost (PEC). 


e The only annual costs expected for combustion control are burner capital recovery costs (e.g., no additional operating and maintenance costs over a standard burner). Capital 
recovery costs were calculated assuming 7% interest rate over 10 year life. 


f  The difference in total annualized cost between the best performing lower NOx burner (29 ppmv) and standard burner costs. 


g  Calculated assuming that standard burner price is equivalent to 2/3 the cost of the best performing lower NOx burner, per vendor advice. 







Appendix A.2.2 SCR Cost Calculations 


Heater Average Fan and Ductwork Total 1.5% Ductwork Total 
SCR NOx Inlet Capacity Capital Installation Taxes and Ammonia Motor Capital Capital Ammonia Fuel Penalty Annual Costs Taxes, Ins, Annual 


Vendora Levelb (MMBtu/hr) Low High Cost ($) Cost ($) Shipping ($) Storage ($) Capital Cost Cost Cost ($) Equipment Catalyst Fan and Motor Duct work Total Cost ($/yr)e ($/yr)f ($/yr)g Admin ($/yr)h Cost ($/yr) 
Vendor 1 29 ppmv 10 150,000 175,000 162,500 81,250 4,875 16,250 900 4,574 264,875 15,001 25,840 85 432 41,358 171 3,995 345 10,595 56,463 


50 175,000 210,000 192,500 96,250 5,775 19,250 4,484 9,712 313,775 17,771 30,611 423 917 49,721 855 19,973 715 12,551 83,815 
75 215,000 240,000 227,500 113,750 6,825 22,750 6,729 11,746 370,825 21,002 36,176 635 1,109 58,922 1,282 29,959 859 14,833 105,856 
150 240,000 290,000 265,000 132,500 7,950 26,500 13,459 16,253 431,950 24,464 42,139 1,270 1,534 69,408 2,564 59,918 1,179 17,278 150,348 
350 300,000 375,000 337,500 168,750 10,125 33,750 31,400 24,171 550,125 31,157 53,668 2,964 2,282 90,070 5,984 139,810 1,734 22,005 259,603 


Vendor 2 29 ppmv 10 106000 i 3180 10600 900 4,574 119,780 10,976 854 85 432 12,346 171 3,995 345 3,593 20,450 
50 178000 i 5340 17800 4,484 9,712 201,140 17,382 4,146 423 917 22,868 855 19,973 715 6,034 50,445 
75 228000 i 6840 22800 6,729 11,746 257,640 21,865 6,341 635 1,109 29,950 1,282 29,959 859 7,729 69,780 
150 342000 i 10260 34200 13,459 16,253 386,460 31,759 12,195 1,270 1,534 46,758 2,564 59,918 1,179 11,594 122,014 
350 470000 i 14100 47000 31,400 24,171 531,100 40,221 25,608 2,964 2,282 71,075 5,984 139,810 1,734 15,933 234,535 


Annual Cost 


Capital Cost 


Capital Costc 


Capital Recovery($/yr)d 


Summary of Total Annual Costs for Control Technology Combinations 


Heater 
Capacity 


(MMBtu/hr) 


Combustion Control + SCR 
MD 


Combustion Control + SCR 
ND 


SCR Costj 


Combustion 
Control 


Costk Total SCR Costj 


Combustion 
Control 


Costk 
ND/MD cost 


differentiall Total 
10 
50 
75 


150 
350 


38,457 244 38,701 
67,130 1,040 68,170 
87,818 1,408 89,226 


136,181 2,796 138,977 
247,069 5,995 253,064 


38,457 244 1,699 40,400 
67,130 1,040 3,540 71,710 
87,818 1,408 4,248 93,474 


136,181 2,796 4,956 143,933 
247,069 5,995 5,664 258,728 


a Information from vendors is provided in Appendix A.1. 


b Costs are based on inlet levels corresponding to 33 ppmv as provided by vendors. This may slightly overestimate costsfor calculations at 29 ppmv which was used in this analysis. 


c Total capital cost components include purchased equipment, installation, taxes and freight, ammonia storage, fan and motor, and ductwork costs. Purchased equipment costs include ammonia injection grid, blower, control valves, 
controls, and catalyst. Purchased equipment costs for vendor 1 were calculated as the average of the range of costs provided by vendor 1. Installation costs were included in vendor 2 quotes, and calculated for vendor 1 to be 50% of 
purchased costs (based on vendor data). Taxes and freight costs were calculated as 3% of purchased equipment costs. Ammonia storage costs were calculated to be 10% of purchased equipment costs based on data provided by 
vendor 1. Fan, motor, and ductwork costs (purchased equipment, tax, and installation) were calculated using cost equations from the OAQPS Control Cost Manual (OCCM)  (fan and motor) and control cost spreadsheet programs 
available from U.S. EPA's TTN website (http://www.epa.gov/ttn/catc/products.html#cccinfo). 


d Capital recovery was calculated assuming 7% interest rate over life of equipment and life of catalyst. Based on vendor data equipment life was assumed to be 20 years and catalyst life was assumed to be 5 years. Catalyst costs for 
vendor 1 are 40% of capital costs and equipment costs are 60%, based on vendor 1 data. Catalyst costs for vendor 2 were provided for each heater size. 


e  Ammonia costs are calculated in Appendix A.2.3. 


f  Assumes that natural gas (1000 Btu/ft3) must be purchased at $3.04/ft3 (from Energy Information Administration, 1999 Natural Gas Prices by Sector (Preliminary), as found on 


http://www.eia.doe.gov/oil_gas/natural_gas/info_glance/prices.html) . 


g  Taken from OCCM. Includes fan electricity and other direct annual costs associated with fan and ductwork. 


h  Taxes, insurance, and administration costs were assumed to be 4% of the total capital cost, based on the OCCM. 


i  Installation costs included in capital cost estimates provided by vendor 2. 


j  SCR costs are the average of the costs provided by vendors for inlet NOx levels of 29 ppmv. 


k  LNB costs are from LNB calculations in Appendix A.2.1. 


l  Calculated from process heater vendor data on capital cost difference between mechanical draft heaters and natural draft heaters. Annual costs are comprised only of capital recovery assuming 7% interest for 20 year service life of 
heater. See Appendix A.1 for vendor information. 







Appendix A.2.3 Calculation of Ammonia Cost for Combustion Control + SCR Control Cases 


Heater Size 
(MMBtu/hr) 


NOx Inlet Level 
Ammonia feedrate 


(lb NH3/hr)a 


Ammonia 
Cost 


($/yr)b(ppmv) (lb/MMBtu) 
10 
50 
75 
150 
350 


29 
29 
29 
29 
29 


0.035 
0.035 
0.035 
0.035 
0.035 


0.13 
0.65 
0.98 
1.95 
4.55 


171 
855 


1,282 
2,564 
5,984 


a Calculated assuming 1:1 ratio of NOx to ammonia, ammonia molecular weight (MW) of 17, and 
NOx MW of 46. This calculation assumes that additional ammonia will be injected beyond the 
amount that would react with NOx to achieve the estimated emission reduction. This was done to 
account for ammonia slip and incomplete mixing of ammonia and flue gas. 


b Calculated using $300/ton cost for anhydrous ammonia. This value is the midpoint of the range of 
costs as reported in the "Status Report on NOx Control Technologies and Cost Effectiveness for 
Utility Boilers," NESCAUM/MARAMA, June 1998. 







Appendix B



VOC Equipment Leaks Analysis



Calculation of Costs and Emission Reductions 







Table B-1A. Uncontrolled Emissions from Hydrotreating Units 


Large Refineries (crude capacities >50,000 bbl/sd) Small Refineries (crude capacities < 50,000 bbl/sd) 
VOC VOC 


Emission VOC HAP Emission VOC HAP 
Factor2 Emissions HAP4 Emissions Factor2 Emissions HAP4 Emissions 


Component Service Count1 (kg/hr/comp) (tpy)3 Percent (tpy) 5 Count1 (kg/hr/comp) (tpy)3 Percent (tpy) 5 


Valves Gas 200 0.0268 52 15% 8 100 0.0268 26 15% 4

Heavy liquid 218 0.00023 0 5% 0 181 0.00023 0 5% 0

Light liquid 252 0.0109 27 23% 6 202 0.0109 21 23% 5



Pumps Heavy liquid 7 0.021 1 5% 0 5 0.021 1 5% 0

Light liquid 7 0.114 8 23% 2 5 0.114 6 23% 1



Compressors Gas 2 0.636 12 15% 2 2 0.636 12 15% 2

Connectors Gas 520 0.00025 1 15% 0 282 0.00025 1 15% 0



Heavy liquid 610 0.00025 1 5% 0 519 0.00025 1 5% 0

Light liquid 1361 0.00025 3 23% 1 443 0.00025 1 23% 0



Pressure relief Gas 10 0.16 15 15% 2 4 0.16 6 15% 1

devices Heavy liquid 7 0 0 5% 0 4 0 0 5% 0



Light liquid 17 0 0 23% 0 3 0 0 23% 0

Open-ended lines 329 0.0023 7 23% 2 15 0.0023 0 23% 0

Samplng connections 26 0.015 4 23% 1 6 0.015 1 23% 0

Total 3566 133 18% 23 1771 77 18% 13



Table B-1B. Uncontrolled Emissions from Hydrogen Units 


VOC VOC 
Emission VOC Emission VOC 


Factor2 Emissions Factor2 Emissions 
Component Service Count1 (kg/hr/comp) (tpy)3 Count1 (kg/hr/comp) (tpy)3 


Valves Gas 317 0.0268 82 168 0.0268 43 
Heavy liquid 0 0.00023 0 0 0.00023 0 
Light liquid 105 0.0109 11 41 0.0109 4 


Pumps Heavy liquid 0 0.021 0 0 0.021 0 
Light liquid 10 0.114 11 3 0.114 3 


Compressors Gas 2 0.636 12 2 0.636 12 
Connectors Gas 252 0.00025 1 304 0.00025 1 


Heavy liquid 0 0.00025 0 0 0.00025 0 
Light liquid 148 0.00025 0 78 0.00025 0 


Pressure relief Gas 6 0.16 9 4 0.16 6 
devices Heavy liquid 0 0 0 0 0 0 


Light liquid 139 0 0 2 0 0 
Open-ended lines 59 0.0023 1 8 0.0023 0 
Samplng connec. 21 0.015 3 4 0.015 1 
Total 1059 131 614 71 


Small refineries (<50,000 bbl/sd)Large refineries (>50,000 bbl/sd) 


1 Taken from memorandum "Development of the Petroleum Refinery Equipment Leaks Data Base", March 9, 1994. Item A-93-48, II-B-22 from Petroleum Refinery NESHAP Docket

2 Taken from 1995 Protocol for Equipment Leak Emission Estimates. U.S. Environmental Protection Agency. Research Triangle Park, North Carolina, 1995

3 Calculated assuming 24 hours a day and 365 days a year of operation. 

4 Taken from memorandum "Development of the Petroleum Refinery Equipment Leaks Data Base", March 9, 1994. Item A-93-48, II-B-22 from Petroleum Refinery NESHAP Docket

5 HAP emissions from sampling connections and open-ended lines were calculated assuming HAP composition for light liquid streams.
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Table B-2. Controls Requir ed by Equipment Leak Control Programs 


Equipment Type Service Petroleum Refinery NSPS NESHA for New HON Negotiated Rule 
Petroleum Refinery 


Sources 


Valves Gas Monthly LDAR @10,000; 
Decreasing frequency with good 
performance 


Light liquid Monthly LDAR @10,000; 
Decreasing frequency with good 
performance 


Pumps Light liquid Monthly LDAR @10,000 ppm; 
Weekly visual inspection; or 
dual mechanical seals with 
controlled degassing vents 


Compressors Gas Daily visual inspection; Dual 
mechanical seal with barrier 
fluid and closed-vent system or 
maintained at a higher pressure 
than the compressed gas 


Connectors Gas and light liquid None 


Pressure relief devices Gas No detectable emissions 


Sampling connections All Closed-loop or in situ sampling 


Open-ended lines All Cap, blind flange, plug, or 
second valve 


Same as HON Monthly LDAR with > 2% leakers; 
Quarterly LDAR with < 2% leakers; 
Decreasing frequency with good 
performance; Initially @10,000 ppm, 
annually @500 ppm 


Same as HON Monthly LDAR with > 2% leakers; 
Quarterly LDAR with < 2% leakers; 
Decreasing frequency with good 
performance; Initially @10,000 ppm, 
annually @500 ppm 


Same as HON Monthly LDAR; Weekly visual 
inspection; Leak definition decreases 
from 10,000 ppm; or dual mechanical 
seals closed-vent system 


Same as HON Daily visual inspection; Dual mechanical 
seal with barrier fluid and closed-vent 
system or maintained at a higher pressure 
than the compressed gas 


None Annual LDAR @500 ppm with > 0.5% 
leakers; Decreasing frequency with good 
performance 


Same as HON No detectable emissions or closed-vent 
system 


Same as HON Closed-loop, closed-purge, closed-vent or 
in situ sampling 


Same as HON Cap, blind flange, plug, or second valve 







Table B-3A. Emissions and Reductions from Hydrotreating Units for Large Refineries (crude capacities >50,000 bbl/sd) 


Refinery NSPS Refinery NESHAP for New Sources HON Negotiated Rule 
VOC VOC VOC 


LDAR1 Emission Emissions post control LDAR1 Emission Emissions post control LDAR1 Emission Emissions post control 
Reduction Reduction VOC HAP Reduction Reduction VOC HAP Reduction Reduction VOC HAP 


Component Service Efficiency (Mg/yr) (Mg/yr) (Mg/yr) Efficiency (Mg/yr) (Mg/yr) (Mg/yr) Efficiency (Mg/yr) (Mg/yr) (Mg/yr) 
Valves Gas 88 46 6 1 96 50 2 0 96 50 2 0 


Heavy liquid 0 0 0 0 0 0 0 0 0 0 0 0 
Light liquid 76 20 6 1 95 25 1 0 95 25 1 0 


Pumps Heavy liquid 0 0 1 0 0 0 1 0 0 0 1 0 
Light liquid 68 5 2 1 88 7 1 0 88 7 1 0 


Compressors Gas 100 12 0 0 100 12 0 0 100 12 0 0 
Connectors Gas 0 0 1 0 0 0 1 0 81 1 0 0 


Heavy liquid 0 0 1 0 0 0 1 0 0 0 1 0 
Light liquid 0 0 3 1 0 0 3 1 81 3 1 0 


Pressure relief Gas 100 15 0 0 100 15 0 0 100 15 0 0 
devices Heavy liquid 0 0 0 0 0 0 0 0 0 0 0 0 


Light liquid 0 0 0 0 0 0 0 0 0 0 0 0 
Open-ended lines 100 7 0 0 100 7 0 0 100 7 0 0 
Samplng connec. 100 4 0 0 100 4 0 0 100 4 0 0 
Total 100 110 23 4 100 120 12 2 100 124 9 1 


Table B-3B. Emissions and Reductions from Hydrotreating Units for Small Refineries (crude capacities <50,000 bbl/sd) 


Refinery NSPS Refinery NESHAP for New Sources HON Negotiated Rule 
VOC VOC VOC 


LDAR1 Emission Emissions post control LDAR1 Emission Emissions post control LDAR1 Emission Emissions post control 
Reduction Reduction VOC HAP Reduction Reduction VOC HAP Reduction Reduction VOC HAP 


Component Service Efficiency (Mg/yr) (Mg/yr) (Mg/yr) Efficiency (Mg/yr) (Mg/yr) (Mg/yr) Efficiency (Mg/yr) (Mg/yr) (Mg/yr) 
Valves Gas 88 23 3 0 96 25 1 0 96 25 1 0 


Heavy liquid 0 0 0 0 0 0 0 0 0 0 0 0 
Light liquid 76 16 5 1 95 20 1 0 95 20 1 0 


Pumps Heavy liquid 0 0 1 0 0 0 1 0 0 0 1 0 
Light liquid 68 4 2 0 88 5 1 0 88 5 1 0 


Compressors Gas 100 12 0 0 100 12 0 0 100 12 0 0 
Connectors Gas 0 0 1 0 0 0 1 0 81 1 0 0 


Heavy liquid 0 0 1 0 0 0 1 0 0 0 1 0 
Light liquid 0 0 1 0 0 0 1 0 81 1 0 0 


Pressure relief Gas 100 6 0 0 100 6 0 0 100 6 0 0 
devices Heavy liquid 0 0 0 0 0 0 0 0 0 0 0 0 


Light liquid 0 0 0 0 0 0 0 0 0 0 0 0 
Open-ended lines 100 0 0 0 100 0 0 0 100 0 0 0 
Samplng connec. 100 1 0 0 100 1 0 0 100 1 0 0 
Total 100 62 14 3 100 70 7 1 100 71 6 1 


1 Taken from memorandum " Comparison of Emission Reduction Efficiencies for Equipment Leak Control Programs", July 26, 1995. Item A-93-48, IV-B-9 from Petroleum Refinery NESHAP Docket 
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Table B-3C. Emissions and Reductions from Hydrogen Units for Large Refineries (crude capacities >50,000 bbl/sd) 


Refinery NSPS Refinery NESHAP for New Sources HON Negotiated Rule 
VOC VOC VOC VOC VOC VOC 


LDAR1 Emission Emissions LDAR1 Emission Emissions LDAR1 Emission Emissions 
Reduction Reduction post control Reduction Reduction post control Reduction Reduction post control 


Component Service Efficiency (tpy) (tpy) Efficiency (tpy) (tpy) Efficiency (tpy) (tpy) 
Valves Gas 88 72 10 96 79 3 96 79 3 


Heavy liquid 0 0 0 0 0 0 0 0 0 
Light liquid 76 8 3 95 10 1 95 10 1 


Pumps Heavy liquid 0 0 0 0 0 0 0 0 0 
Light liquid 68 7 4 88 10 1 88 10 1 


Compressors Gas 100 12 0 100 12 0 100 12 0 
Connectors Gas 0 0 1 0 0 1 81 0 0 


Heavy liquid 0 0 0 0 0 0 0 0 0 
Light liquid 0 0 0 0 0 0 81 0 0 


Pressure relief Gas 100 9 0 100 9 0 100 9 0 
devices Heavy liquid 0 0 0 0 0 0 0 0 0 


Light liquid 0 0 0 0 0 0 0 0 0 
Open-ended lines 100 1 0 100 1 0 100 1 0 
Samplng connec. 100 3 0 100 3 0 100 3 0 
Total 87 114 17 95 125 6 96 126 5 


Table B-3D. Emissions and Reductions from Hydrogen Units for Small Refineries (crude capacities <50,000 bbl/sd) 


Refinery NSPS Refinery NESHAP for New Sources HON Negotiated Rule 
VOC VOC VOC VOC VOC VOC 


LDAR1 Emission Emissions LDAR1 Emission Emissions LDAR1 Emission Emissions 
Reduction Reduction post control Reduction Reduction post control Reduction Reduction post control 


Component Service Efficiency (tpy) (tpy) Efficiency (tpy) (tpy) Efficiency (tpy) (tpy) 
Valves Gas 88 38 5 96 42 2 96 42 2 


Heavy liquid 0 0 0 0 0 0 0 0 0 
Light liquid 76 3 1 95 4 0 95 4 0 


Pumps Heavy liquid 0 0 0 0 0 0 0 0 0 
Light liquid 68 2 1 88 3 0 88 3 0 


Compressors Gas 100 12 0 100 12 0 100 12 0 
Connectors Gas 0 0 1 0 0 1 81 1 0 


Heavy liquid 0 0 0 0 0 0 0 0 0 
Light liquid 0 0 0 0 0 0 81 0 0 


Pressure relief Gas 100 6 0 100 6 0 100 6 0 
devices Heavy liquid 0 0 0 0 0 0 0 0 0 


Light liquid 0 0 0 0 0 0 0 0 0 
Open-ended lines 100 0 0 100 0 0 100 0 0 
Samplng connec. 100 1 0 100 1 0 100 1 0 
Total 88 63 8 95 68 3 96 69 3 


1 Taken from memorandum " Comparison of Emission Reduction Efficiencies for Equipment Leak Control Programs", July 26, 1995. Item A-93-48, IV-B-9 from Petroleum Refinery NESHAP Docket 
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Reference List  -  SINOx    Honeycomb Type Catalysts®


Dry Ash Bottom Boiler High-Dust Configuration


no. plant utility/operator country plant constructor initial charge/


reload./change


fuel gas flow


[Nm³/h]


pitch


[mm]


number of


cells


delivery 


date


Wilhelmshaven Preussen 
Elektra


D Lentjes initial charge hard coal 1 040 000 7,4 20 x 20 01/19891*


Kiel Preussen 
Elektra


D Lentjes initial charge hard coal 1 250 000 7,4 20 x 20 07/19892*


Dormagen Bayer AG D DBA initial charge hard coal 195 000 7,0 21 x 21 09/19893


Wilhelmshaven West Preussen 
Elektra


D Lentjes initial charge hard coal 2 617 000 6,7 22 x 22 10/19894*


Heilbronn 7 Energievers. 
Schwaben


D EVT change hard coal 2 x 1 215 000 6,7 22 x 22 05/19905*


Weiher III Saarbergwerke D Steinmüller initial charge hard coal 2 484 000 7,4 20 x 20 09/19906


Scholven C Veba 
Kraftwerke Ruhr


D VKR change hard coal 1 260 000 6,7 22 x 22 11/19917*


Gelderland 13 EPON/Holland NL Stork initial charge hard coal 2 x 1 000 000 6,7 22 x 22 04/19948


Heilbronn 7 Energievers. 
Schwaben


D EVT change hard coal 2 x 1 215 000 6,4 23 x 23 09/19949*


Dormagen Bayer AG D DBA change lignite 195 000 6,4 23 x 23 09/199410*


Weiher III Saarbergwerke D Steinmüller reloading hard coal 2 484 000 6,7 22 x 22 07/199511*


HKW1 Altbach Neckarwerke D Steinmüller reloading hard coal 1 300 000 6,7 22 x 22 07/199512*


Amercentrale 8 EPZ NL HTS E&E initial charge hard coal 2 x 98 000 6,4 23 x 23 11/199513


KW Münster Techn. Werke 
Stuttgart


D EVT reloading hard coal 160 900 6,7 22 x 22 01/199614*


Dormagen Bayer AG D DBA change lignite 195 000 6,4 23 x 23 12/199615*
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Reference List  -  SINOx    Honeycomb Type Catalysts®


Dry Ash Bottom Boiler High-Dust Configuration


no. plant utility/operator country plant constructor initial charge/


reload./change


fuel gas flow


[Nm³/h]


pitch


[mm]


number of


cells


delivery 


date


HKW2 Altbach Neckarwerke D Steinmüller initial charge hard coal 874 992 7,4 20 x 20 06/199716*


HKW Tiefstack HEW D Steinmüller change hard coal 307 030 6,7 22 x 22 12/199717*


HKW1 Altbach Neckarwerke D Steinmüller change hard coal 1 300 000 6,7 22 x 22 11/199818*


Amercentrale 8 EPZ NL HTS E&E change hard coal 2 x 980 000 6,7 22 x 22 06/200119*


HKW2 Altbach Neckarwerke D Steinmüller reloading hard coal 874 992 7,4 20 x 20 05/200220


Hsinta 3 & 4 Taiwan Power 
Company


ROC IHI Europe B. V. initial charge hard coal 2 x 1 736 000 7,0 21 x 21 11/200321


Wet Bottom Boiler High-Dust Configuration


no. plant utility/operator country plant constructor initial charge/


reload./change


fuel gas flow


[Nm³/h]


pitch


[mm]


number of


cells


delivery 


date


Staudinger Bl. 2.2 Preussen 
Elektra


D Lentjes initial charge hard coal 404 000 6,7 22 x 22 11/19891*
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Reference List  -  SINOx    Honeycomb Type Catalysts®


Dry Ash Bottom Boiler Low-Dust Configuration


no. plant utility/operator country plant constructor initial charge/


reload./change


fuel gas flow


[Nm³/h]


pitch


[mm]


number of


cells


delivery 


date


Brandon Shores 1&2 Baltimore Gas & 
Electric


USA Babcock&Wilcox initial charge hard coal 2 x 2 420 000 4,9 30 x 30 03/20011*


East Bend 2 Cinergy USA Sargent&Lundy initial charge hard coal 2 249 400 4,9 30 x 30 02/20022*


Cardinal 3 AEP USA BBP initial charge hard coal 1 100 000 5,0 30 x 30 01/20033*
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Reference List  -  SINOx    Honeycomb Type Catalysts®


Coal Fired Boiler Tail-End Configuration


no. plant utility/operator country plant constructor initial charge/


reload./change


fuel gas flow


[Nm³/h]


pitch


[mm]


number of


cells


delivery 


date


HKW II Duisburg Stw. Duisburg D Thyssen initial charge hard coal 440 200 5,9 25 x 25 03/19881*


Ibbenbüren B RWE/Preussag D Lentjes initial charge hard coal 1 241 000 4,2 35 x 35 07/19882


Lausward/Flingern Stw. Düsseldorf D Lentjes initial charge hard coal 260 000 4,2 35 x 35 10/19883


VW-West Bl. 1 VW Kraftwerk 
GmbH


D Lentjes initial charge hard coal 527 370 4,2 35 x 35 01/19894*


VW-West Bl. 2 VW Kraftwerk 
GmbH


D Lentjes initial charge hard coal 527 370 4,2 35 x 35 01/19895*


GK Hannover Bl. 1 Stw. Hannover D Lentjes initial charge hard coal 551 500 4,2 35 x 35 02/19896*


GK Hannover Bl. 2 Stw. Hannover D Lentjes initial charge hard coal 551 500 4,2 35 x 35 07/19897*


Elverlingsen Bl. 3 Elektromark D Steinmüller initial charge hard coal 812 500 3,7 40 x 40 08/19898


Werne VEW D Steinmüller initial charge hard coal 1 153 400 4,2 35 x 35 08/19899


Elverlingsen Bl. 4 Elektromark D Steinmüller initial charge hard coal 1 250 450 3,7 40 x 40 08/198910


Uerdingen Bayer AG D Steinmüller initial charge hard coal 2 x 210 000 4,2 35 x 35 11/198911


Rudow Bl. 2 Bewag Berlin D DBA initial charge hard coal 394 000 4,2 35 x 35 12/198912


Siersdorf Eschweiler 
Bergwerksver.


D Lentjes initial charge hard coal 758 000 4,2 35 x 35 12/198913


Heilbronn Bl. 5-6 Energievers. 
Schwaben


D DBA initial charge hard coal 915 000 4,3 35 x 35 05/199014


Westfalen 1 - 3 VEW D Steinmüller initial charge hard coal  1 203 630 4,2 35 x 35 10/199015
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Reference List  -  SINOx    Honeycomb Type Catalysts®


Coal Fired Boiler Tail-End Configuration


no. plant utility/operator country plant constructor initial charge/


reload./change


fuel gas flow


[Nm³/h]


pitch


[mm]


number of


cells


delivery 


date


Weiher II, Bl. 1 Saarbergwerke D SHU/Lurgi initial charge hard coal 700 000 4,2 35 x 35 09/199116


Weiher II, Bl. 2 Saarbergwerke D SHU/Lurgi initial charge hard coal 700 000 4,2 35 x 35 09/199117


Ibbenbüren B RWE/Preussag D Lentjes reloading hard coal 1 241 000 4,2 35 x 35 08/199418*


Westfalen/Werne VEW D Steinmüller reloading hard coal 2 x 1 100 095 3,7 40 x 40 02/199619*


HKW Sandreuth 
Linie 1 & 3


EWAG Nürnberg D Linde change hard coal 2 x 175 000 3,7 40 x 40 08/199620*


HKW Sandreuth 
Linie 2


EWAG Nürnberg D Linde change hard coal 175 000 3,7 40 x 40 08/199721*
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Reference List  -  SINOx    Honeycomb Type Catalysts®


Waste Incineration Plants NOx Abatement


no. plant utility/operator country plant constructor initial charge/


reload./change


fuel gas flow


[Nm³/h]


pitch


[mm]


number of


cells


delivery 


date


MVA Stapelfeld MVA Stapelfeld 
GmbH


D Steinmüller initial charge municipal 
waste


2 x 134 500 4,2 35 x 35 09/19951


RZR Herten RZR Herten D Steinmüller initial charge industrial 
waste


69 735 4,2 35 x 35 10/19952


MVA Ingolstadt ZV MVA 
Ingolstadt


D Steinmüller initial charge municipal 
waste


2 x 70 500 4,2 35 x 35 10/19953


MHKW Leverkusen AWL D Steinmüller initial charge municipal 
waste


3 x 95 239 4,2 35 x 35 04/19964


SBA Fürth ZAR D Siemens initial charge municipal 
waste


2 x 48 300 4,2 35 x 35 05/19965


MHKW Kassel MHKW Kassel 
GmbH


D Steinmüller initial charge municipal 
waste


2 x 74 216 4,2 35 x 35 01/19976


Kwacheon Kwacheon City KOR LAB initial charge municipal 
waste


24 688 4,2 35 x 35 05/19977


Tadaepo Tadeapo City KOR LAB initial charge municipal 
waste


57 619 4,2 35 x 35 05/19978


Taejeon Taejeon City KOR LAB reloading municipal 
waste


73 525 4,2 35 x 35 06/19989


La Chaux-de-Fonds CRIDOR S.A. CH LAB initial charge municipal 
waste


63 055 4,2 35 x 35 01/199910


Ferrara I Integral initial charge industrial 
waste


45 000 3,7 40 x 40 06/200111


MVA Houthalen CVBA Region. 
Milieuzorg


B CT 
Umwelttechnik


initial charge municipal 
waste


2 x 77 400 4,2 35 x 35 11/200112


Le Mans 2 CUM F Von Roll initial charge municipal 
waste


56 000 4,2 35 x 35 04/200213


KVA Biel MÜVE Biel-
Seeland AG


CH Elex initial charge municipal 
waste


52 100 3,7 40 x 40 07/200214


Uiom Evreux F von Roll initial charge municipal 
waste


2 x 39 637 4,2 35 x 35 03/200315
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Reference List  -  SINOx    Honeycomb Type Catalysts®


Waste Incineration Plants NOx Abatement


no. plant utility/operator country plant constructor initial charge/


reload./change


fuel gas flow


[Nm³/h]


pitch


[mm]


number of


cells


delivery 


date


KVA Thun AVAG CH Elex initial charge municipal 
waste


91 500 6,4 23 x 23 09/200316


Le Mans 3 CUM F Von Roll initial charge municipal 
waste


56 000 4,2 35 x 35 09/200317


Wacker Chemie Wacker Chemie D Noell/KRC reloading chemical plant 
residues


13 400 4,2 35 x 35 11/200418*


Uppsala Vattenfall S von Roll initial charge municipal 
waste


134 950 3,7 40 x 40 01/200519


Dong Suh Foods Dong Suh 
Foods Corp.


KOR Skytech Ltd. initial charge industrial 
waste


42 550 4,2 35 x 35 03/200520


Argenteuil L3 Novergie F LAB initial charge municipal 
waste


57 413 4,2 35 x 35 08/200521


Argenteuil L4 Novergie F LAB initial charge municipal 
waste


103 276 4,2 35 x 35 08/200522


Massy F Elex initial charge municipal 
waste


2 x 40 500 3,7 40 x 40 12/200523


MSZ 3 Moskau EVN RUS Envirgy initial charge municipal 
waste


2 x 130,000 3,7 35 x 35 05/200724
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Reference List  -  SINOx    Honeycomb Type Catalysts®


Waste Incineration Plants NOx and Dioxin/Furan Abatement


no. plant utility/operator country plant constructor initial charge/


reload./change


fuel gas flow


[Nm³/h]


pitch


[mm]


number of


cells


delivery 


date


MVA Münster TW Stuttgart D Noell/KRC initial charge municipal 
waste


3 x 116 000 4,2 35 x 35 02/19931


GMVA Niederrhein GMVA D DBA initial charge municipal 
waste


4 x 178 000 4,2 35 x 35 08/19942


MVA Solingen SWS D EVT initial charge municipal 
waste


95 000 4,2 35 x 35 01/19953


MHKW Kempten MHKW Kempten D Noell/KRC initial charge municipal 
waste


73 000 4,2 35 x 35 07/19954


MHKW Kiel MHKW Kiel D Noell/KRC initial charge municipal 
waste


46 300 4,2 35 x 35 09/19955


Gavi Wijster VAMIJ BV NL Lentjes initial charge municipal 
waste


3 x 141 000 4,2 35 x 35 10/19956


GMVA Niederrhein GMVA D DBA change municipal 
waste


178 000 4,2 35 x 35 11/19957


MVA Hagen HEB D DBA initial charge municipal 
waste


3 x 42 265 4,2 35 x 35 02/19968


Wacker Chemie Wacker Chemie D Noell/KRC initial charge chemical plant 
residues


24 600/13 400 4,2 35 x 35 02/19969


Gevudo Gevudo 
Afvalverwerking


NL Steinmüller initial charge municipal 
waste


2 x 157 329 4,2 35 x 35 07/199610


MVA Offenbach Zweckverb./ 
Umlandverb.


D Lentjes initial charge municipal 
waste


3 x 65 000 3,7 40 x 40 07/199611


MVA Landshut Stadtwerke 
Landshut


D Hugo Petersen initial charge municipal 
waste


65 650 4,2 35 x 35 09/199612


AEZ Wesel Abfallges. Kr. 
Wesel


D Steinmüller initial charge municipal 
waste


2 x 122 500 3,7 40 x 40 10/199613


AVA Velsen KAB  Velsen D Lentjes initial charge municipal 
waste


2 x 92 000 3,7 40 x 40 04/199714


Centraco Centraco F LAB initial charge municipal 
waste


37 514 4,2 35 x 35 04/199715
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Reference List  -  SINOx    Honeycomb Type Catalysts®


Waste Incineration Plants NOx and Dioxin/Furan Abatement


no. plant utility/operator country plant constructor initial charge/


reload./change


fuel gas flow


[Nm³/h]


pitch


[mm]


number of


cells


delivery 


date


KVA Trimmis GEVAG CH Lurgi initial charge municipal 
waste


55 000 4,2 35 x 35 07/199716


Melfi Fenice Melfi I Fisia initial charge industrial 
waste


61 125/43 700 3,7 40 x 40 02/199817


KVA Gamsen KVA Oberwallis CH Lurgi initial charge municipal 
waste


47 000 4,2 35 x 35 03/199818


KVA Oftringen Gemeinde-
verband


CH Lurgi initial charge municipal 
waste


75 000 6,4 23 x 23 04/199819


Azalys SIDRU F LAB initial charge municipal 
waste


2 x 47 000 4,2 35 x 35 06/199820


Satom SATOM CH LAB initial charge municipal 
waste


71 250 4,2 35 x 35 09/199821


Sion UTO CH LAB initial charge municipal 
waste


69 117 4,2 35 x 35 01/199922


Kunpo Kunpo City KOR Korea Cottrell initial charge municipal 
waste


51 900 4,2 35 x 35 08/200023


TAN Nürnberg TAN Nürnberg D Von Roll initial charge municipal 
waste


3 x 65 300 3,7 40 x 40 08/200024


Borsinc BorsodChem Rt. HUN CT 
Umwelttechnik


initial charge industrial 
waste


22 900 4,2 35 x 35 01/200125


Uijongbu Uijongbu City KOR CT 
Umwelttechnik


initial charge municipal 
waste


3,7 40 x 40 04/200126


Paju Paju City KOR Integral initial charge municipal 
waste


2 x 33 000 4,2 35 x 35 04/200127


Centraco Centraco F LAB reloading municipal 
waste


37 514 4,3 35 x 35 03/200228


Broomchemie Broomchemie 
B.V.


NL CTU initial charge chemical plant 
residues


6 800 4,2 35 x 35 05/200229


AVN Dürnrohr AVN A Integral initial charge municipal 
waste


2 x 160 000 3,7 40 x 40 06/200230
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Reference List  -  SINOx    Honeycomb Type Catalysts®


Waste Incineration Plants NOx and Dioxin/Furan Abatement


no. plant utility/operator country plant constructor initial charge/


reload./change


fuel gas flow


[Nm³/h]


pitch


[mm]


number of


cells


delivery 


date


Wacker Chemie Wacker Chemie D Wacker Chemie initial charge chemical plant 
residues


2 x 26 000 4,2 35 x 35 11/200231*


Airport No. 4 Inciner. 
Plant


APEX ROC PHT Enterprise initial charge municipal 
waste


2 x 37 699 4,2 35 x 35 08/200332


Melfi Fenice Melfi I Fisia change industrial 
waste


43 700 3,7 40 x 40 09/200333*


Kunpo Kunpo City KOR Korea Cottrell change municipal 
waste


51 900 4,2 35 x 35 10/200334


Alkmaar HVC Alkmaar NL von Roll initial charge municipal 
waste


158 685 6,4 23 x 23 06/200435


Brügge IVBO Brügge B CTU AG initial charge municipal 
waste


3 x 69 000 4,2 35 x 35 06/200436


Borsinc Borsod Chem 
Rt.


HUN CTU reloading industrial 
waste


22 900 4,2 35 x 35 08/200437*


Dijon Communaute 
Dijonnaise


F BBP CT 
Environment


initial charge municipal 
waste


2 x 78 000 3,7 40 x 40 09/200438


TREA Breisgau SOTEC D von Roll initial charge municipal 
waste


104 519 6,4 23 x 23 09/200439


Mapo Seoul City KOR SPECO Ltd. initial charge municipal 
waste


3 x 82 349 3,7 40 x 40 09/200440


Yongin Yongin City KOR SPECO Ltd. initial charge municipal 
waste


2 x 35 364 3,7 40 x 40 09/200441


Siheung Green 
Center


Siheung City KOR Korea EP 
Ltd./Kocat


initial charge industrial 
waste


60 000 3,7 40 x 40 09/200442


Kodaejon Daejeon 
Metropolitan City


KOR CTU AG initial charge municipal 
waste


68 000 4,2 35 x 35 01/200543


Chemo IRA CTU AG initial charge industrial 
waste


27 000 4,2 35 x 35 02/200544


TUAS Incineration 
Plant


TUAS SG Keppel 
Engineering


initial charge municipal 
waste


2 x 330793 4,2 35 x 35 03/200545
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Reference List  -  SINOx    Honeycomb Type Catalysts®


Waste Incineration Plants NOx and Dioxin/Furan Abatement


no. plant utility/operator country plant constructor initial charge/


reload./change


fuel gas flow


[Nm³/h]


pitch


[mm]


number of


cells


delivery 


date


Lyon Nord Novergie F LAB initial charge municipal 
waste


2 x 81 885 4,2 35 x 35 07/200546


Dinan-Taden F Elex initial charge municipal 
waste


2 x 46 700 3,7 40 x 40 07/200547


Kunpo Kunpo City KOR Korea Cottrell change municipal 
waste


51 900 4,2 35 x 35 08/200548


Strasbourg Communaute 
Urbaine


F LAB initial charge municipal 
waste


4 x 89 088 4,2 35 x 35 09/200549


Azalys SIDRU F LAB change municipal 
waste


2 x 47 000 4,2 35 x 35 09/200550*


Lausanne Tridel SA CH von Roll initial charge municipal 
waste


2 x 70 000 3,7 40 x 40 10/200551


Mallorca Tirme E Seghers Keppel initial charge municipal 
waste


2 x 117 000 3,7 40 x 40 10/200552


Cergy Pontoise F LAB initial charge municipal 
waste


2 x 83 234 4,2 35 x 35 11/200553


Lyon Sud Communaute 
Urbaine


F LAB initial charge municipal 
waste


3 x 81 870 4,2 35 x 35 12/200554


Grenoble Grenoble Alpe 
Metropole


F Area Impianti initial charge municipal 
waste


3 x 66 800 4,2 35 x 35 03/200655


Azalys SIDRU F LAB change municipal 
waste


2 x 47 000 4,2 35 x 35 03/200656


Monaco MON LAB initial charge municipal 
waste


2 x 38 800 4,2 35 x 35 11/200657
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Reference List  -  SINOx    Honeycomb Type Catalysts®


Wood Burning Plants NOx and Dioxin/Furan Abatement


no. plant utility/operator country plant constructor initial charge/


reload./change


fuel gas flow


[Nm³/h]


pitch


[mm]


number of


cells


delivery 


date


Zapfendorf Fischer 
Recycling GmbH


D Hugo Petersen initial charge wood 50 581 4,2 35 x 35 11/19961


Steel Production Plants 


no. plant utility/operator country plant constructor initial charge/


reload./change


fuel gas flow


[Nm³/h]


pitch


[mm]


number of


cells


delivery 


date


Hot Strip Mill 
IJmuiden


Hoogovens 
Staal


NL Hoogovens initial charge natural gas / 
coke oven gas


200 000 6,4 23 x 23 09/19981*
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Reference List  -  SINOx    Honeycomb Type Catalysts®


Oil- /Gasfired Boilers 


no. plant utility/operator country plant constructor initial charge/


reload./change


fuel gas flow


[Nm³/h]


pitch


[mm]


number of


cells


delivery 


date


Flittard 1 Bayer AG D Lentjes initial charge oil / natural gas 145 000 5,9 25 x 25 09/19891


Flittard 2 Bayer AG D Lentjes initial charge oil / natural gas 145 000 5,9 25 x 25 09/19902


Termini 1 ENEL/Italien I FISIA/DBA initial charge oil / natural gas 825 000 5,0 30 x 30 02/19963


Termini 2 ENEL/Italien I FISIA/DBA initial charge oil / natural gas 825 000 5,0 30 x 30 02/19964


Turbigo 2 ENEL/Italien I FISIA/DBA initial charge oil / natural gas 825 000 5,0 30 x 30 06/19965


Turbigo 1 ENEL/Italien I FISIA/DBA initial charge oil / natural gas 6 60 000 5,0 30 x 30 05/19976


Youngnam KOSPO KOR Korea Cottrell initial charge orimulsion 2 x 250 000 4,9 30 x 30 09/20027


Youngnam KOSPO KOR Korea Cottrell change orimulsion 2 x 250 000 6,4 23 x 23 09/20048
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Reference List  -  SINOx    Honeycomb Type Catalysts®


Gas Turbine Power Plants 


no. plant utility/operator country plant constructor initial charge/


reload./change


fuel gas flow


[Nm³/h]


pitch


[mm]


number of


cells


delivery 


date


GM Linden GM USA Siemens initial charge natural gas 3 x 63 500 4,2 35 x 35 06/19981


St. Francis Associated 
Electric


USA Siemens initial charge natural gas 1 375 000 3,7 40 x 40 08/19982


Cottam Dev. Centre Powergen GB Siemens initial charge natural gas 1 950 000 3,7 40 x 40 09/19983


Bridgeport Harbour United 
Iluminating


USA Siemens initial charge natural gas 1 245 000 3,7 40 x 40 03/19994


Chouteau Siemens / AECI USA Siemens initial charge natural gas 1 245 000 3,7 40 x 40 03/20005


St. Francis II Associated 
Electric


USA Siemens initial charge natural gas 1 375 000 3,7 40 x 40 03/20006


Peerless Simple 
Cycle


PG & E USA Peerless initial charge natural gas 4 x 358 000 3,7 40 x 40 04/20007


Peerless Simple 
Cycle


PG & E USA Peerless initial charge natural gas 4 x 572 000 3,7 40 x 40 05/20008


Ironwood SWPC USA Peerless addit.loading natural gas 1 750 000 2,7 55 x 55 07/20009


Torch Simple Cycle Torch Operating 
Company


USA Siemens initial charge natural gas 56 700 2,7 55 x 55 02/200110


Payne Creek AES USA Siemens initial charge natural gas 1 200 000 2,7 55 x 55 06/200111


Silas Ray SWPC USA Peerless initial charge natural gas 515 000 2,7 55 x 55 02/200212


Borger Unit 1 SWPC USA Peerless initial charge natural gas 1 117 000 2,7 55 x 55 03/200213


Ironwood SWPC USA Peerless reloading natural gas 1 750 000 2,7 55 x 55 03/200214


Borger Unit 2 SWPC USA Peerless initial charge natural gas 1 117 000 3,7 40 x 40 09/200215
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Reference List  -  SINOx    Honeycomb Type Catalysts®


Gas Turbine Power Plants 


no. plant utility/operator country plant constructor initial charge/


reload./change


fuel gas flow


[Nm³/h]


pitch


[mm]


number of


cells


delivery 


date


Payne Creek AES USA Siemens change natural gas 1 200 000 2,7 55 x 55 09/200316
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January 9, 2014 


 
 
February 3, 2015 


Submitted Via Email: owens.mike@epa.gov 
 
Michael B. Owens 
Air Program (8PAR), 
U.S. EPA, Region 8 
1595 Wynkoop Street 
Denver, CO 80202-1129 
 
Attn: Permit No.  PSD-U0-000004-2014.00 
 
Re: Comments of Sierra Club, National Parks Conservation Association and WildEarth Guardians 
on Draft PSD Permit for Bonanza Power Plant 
 
I. Deseret Failed to Obtain a PSD Permit Before Undertaking a Major Modification 


 
A. Background on Permitting at Bonanza 


The Bonanza plant is a 500 megawatt coal-fired electric utility boiler located on the Uintah and 
Ouray Indian Reservations, 7.5 miles northwest of Bonanza and 28 miles southeast of Vernal, 
Utah, where EPA has jurisdiction to administer the Clean Air Act permitting program.1   


The statement of basis for the draft PSD permit provides a complete description of Bonanza’s 
permitting history.2  In short, the state of Utah originally issued Deseret Power a PSD permit to 
construct the facility in 1981.  In 1998, the State issued a permit authorizing a modification to 
the plant known as the ruggedized rotor project. Subsequently, after the United States Court of 
Appeals for the Tenth Circuit determined that the land where the Bonanza plant is located is 
part of the Uintah and Ouray Reservation, EPA asserted federal jurisdiction over Bonanza.3  


In 2001, without conducting its own independent analysis, the Region incorporated the 
contents of Utah’s 1981 and 1998 permit analyses into an updated after-the-fact federal air 


1 Statement of Basis for PSD Permit at 4 (AR Doc #65) (hereinafter SOB). 
2 Id. at 4-5. 
3 Id. at 4.   


1 
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permit.4  While Region 8 refers to this 2001 permit as a PSD permit, it incorporated Utah state 
construction permits into a permit to replace a 1981 PSD permit, but did not apply the 
standards in 40 C.F.R. § 52.21 to any project at the plant (including the June, 2000 ruggedized 
rotor project.)  In 2002, Region 8 issued a draft operating permit for Bonanza.  At that time, the 
National Park Service commented that the EPA should investigate Utah’s PSD applicability for 
the ruggedized rotor project constructed in June of 2000 because it appeared that the project 
was a major modification that should have gone through PSD review.5   


Over twelve years after receiving this comment, the Region recognized that it issued the 2001 
permit for Bonanza in error because it adopted a Utah state construction permitting decision 
without applying the PSD regulations to the ruggedized rotor project.6  EPA has made the 
preliminary determination that the 2000 ruggedized rotor project at Bonanza should have 
undergone PSD review for nitrogen oxides (“NOx”), including a Best Available Control 
Technology (“BACT”) analysis.7   


On April 28, 2014, Region 8 published a public notice of the proposed Title V permit for 
Bonanza along with supplemental materials.8  In the statement of basis, EPA made a 
preliminary determination “that the Federal PSD permit issued in 2001 failed to apply the PSD 
regulations correctly because the Region relied on a faulty analysis conducted by the State and 
did not conduct a complete, independent analysis of whether the ruggedized rotor project was 
subject to PSD review based on the regulations in place at that time and whether a revision of 
the emission limits in the 1981 Federal PSD permit for the Bonanza plant was appropriate.”  
Rather than include a compliance schedule in the overdue operating permit, however, the 
Region proposed to undertake a separate “error correction PSD permitting action” that will be 
incorporated into the operating permit at some unspecified later date.9     


On December 5, 2014, Region 8 issued Deseret Power a final Title V permit for Bonanza that 
does not include applicable PSD requirements for the ruggedized rotor project. On the same 
day, in a separate PSD permitting proceeding, the Region proposed a PSD correction permit 
regarding the ruggedized rotor project.10  These comments address that proposed permit, but 


4 Id. at 4. 
5 Id. at 4-5. 
6 Id. at 4. 
7 Id. 
8 Notice of Intent to Issue Clean Air Act Title V Federal Operating Permit (Dec. 11, 2014); available at 
http://www2.epa.gov/sites/production/files/2014-04/documents/deseret_04-28-14_draft_title_v_permit_v-uo-
000004-00.00.pdf. 
9 Statement of Basis for Draft Title Permit, at 36, available at http://www2.epa.gov/sites/production/files/2014-
04/documents/deseret_04-28-14_draft_statement_of_basis_v-uo-000004-00.00.pdf. 
10 Draft Air Pollution Control Prevention of Significant Deterioration (PSD) Permit to Construct (AR Doc. # 66) (Dec. 
3, 2014). 
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do not waive commenters’ claims that the operating permit was incorrectly issued without a 
compliance schedule and without the applicable PSD program requirements.   


B. Background on PSD Program 


Under the Clean Air Act’s Prevention of Significant Deterioration (PSD) Program, new sources 
and modified existing sources must obtain permits that include emissions limitations reflecting 
state-of-the-art pollution controls.11 These emissions limits remain in place for the lifetime of 
the source and are not updated to reflect modern controls unless a source makes major 
modifications to their facility.   


A central purpose of this PSD review process is to impose substantive safeguards that ensure 
the protection of air quality before construction takes place.12 PSD requires emission limits 
which protect air quality and reflect the best available controls at the time of permit issuance.13  
Operators must demonstrate prior to construction “that emissions from construction or 
operation of such facility will not cause, or contribute to, air pollution in excess” of various air 
quality standards.14  It is the applicant’s responsibility to submit accurate information to a 
permitting agency to determine the applicability of PSD and ensure that all PSD substantive and 
procedural standards are met.15 


PSD is a preconstruction permitting program.  An operator must determine whether PSD 
requirements apply to a given project before it begins that project; the statute specifically bars 
construction or modification of a facility “unless . . . a permit has been issued.”16  


C. Deseret Failed to Make Accurate Post-Project Emission Projections and Failed to 
Obtain a PSD Permit Prior to Construction 


In the SOB for the proposed “permit correction,” Region 8 appears to be accepting some blame 
for a past permitting error without ascribing any fault to Deseret.  This is inconsistent with the 
facts.  Deseret undertook major modifications of the Bonanza plant without obtaining a PSD 
permit and has been in noncompliance with applicable requirements since that time. It also 


11 42 U.S.C. §7475(a); § 7479(3).  Existing sources are subject if a physical or operational change results in an 
emission increase.  Id.  The increase must be projected prior to construction.  As the Sixth Circuit has emphasized, 
“The system depends on operators' making accurate projections before embarking on construction projects.”  
United States v. DTE Energy Co., 711 F.3d 643, 649 (6th Cir. 2013). 
12 See New York v. U.S. E.P.A., 413 F.3d 3, 13 (D.C. Cir. 2005); Wisconsin Elec. Power Co. v. Reilly, 893 F.2d 901, 909 
(7th Cir. 1990) (hereinafter WEPCo); Puerto Rican Cement Co., Inc. v. EPA, 889 F.2d 229, 294 (1st Cir. 1989). 
13 42 USC § 7475(a)(3) &(4). 
14 Id. § 7475(a)(3). 
15 40 C.F.R. § 52.21(n)(2000) (sources must “submit all information necessary to perform any analysis or make any 
determination required under this section”). 
16 42 U.S.C. § 7475(a)(1). 
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misrepresented the emission impact of the project, frustrating any attempt by Utah or the EPA 
to determine PSD applicability to the project when it occurred.   


EPA explained in its new source review case against an Oklahoma utility, “True to the statute’s 
preventative focus, a central question when assessing PSD liability has always been whether an 
operator should have projected the modification to lead to emissions increases under the 
projection regulations, thereby triggering permitting and pollution control obligations.”17  
Similarly, the Sixth Circuit warned: 


An operator takes a major risk if it underestimates projected emissions. If post-
construction emissions are higher than preconstruction emissions, and the increase 
does not fall under the demand growth exclusion, the operator faces large fines and will 
have to undertake another project at the source to install modern pollution-control 
technology.18  


In the case of the Bonanza plant’s ruggedized rotor project, Deseret never applied for a PSD 
permit for the major modification.  Instead, it incorrectly insisted that the project would 
decrease emissions at the facility, provided inaccurate data, and conducted an incorrect 
analysis to the permitting authorities when seeking approval for the project. Deseret failed to 
fully disclose the true impacts of the Project, incorrectly asserting improved low-NOx burners 
would reduce overall NOx emissions19 and claiming “no plant combustion or operating 
efficiencies are involved” thus not meeting any new source review criteria.20   


Whether a project results in significant net emissions increase, therefore constituting a major 
modification subject to PSD program requirements, is determined by comparing actual pre-
project emissions to projected post-project emissions.  Specifically, the implementing 
regulations in place at the time of the Bonanza plant turbine and unit modification project, 
defined a major modification as any physical change or change in the method of operation that 
would result in a significant net emissions increase.  40 C.F.R. § 52.21(b)(2)(i) (2000).  A net 
emissions increase was defined as a change in “actual emissions,” which in turn was defined as 
a the emissions that occurred during a 24-month period representative of normal operation 
prior to the project, and one of three amounts for emissions post-project: (1) the source’s 


17 Exhibit 1, U.S. v. Oklahoma Gas & Elec. Co., Civ. Action No. 5:13-cv-690-D (Doc. #8-1) at 16 (Aug. 30, 2013)” 
(hereinafter U.S. v. Oklahoma Brief). 
18 United States v. DTE Energy Co., 711 F.3d at 651. 
19 Utah Division of Air Quality, Modified Source Plan Review, Notice of Intent for Modification of Bonanza One (1) 
Power Plant Emission Limits, Change in Coal Pile Parameters, and Ruggedized Rotor Project, Unitah County at 5 
(Jan. 2, 1998) (AR Doc #10). 
20 Letter from Stan Gordon, Plant Manager, to Ursula Trueman, Director, Utah Division of Air Quality at 1 
(November 11, 1999) (AR Doc #16).  
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allowable emissions; (2) the source’s potential to emit; or (3) if the source is an electric utility 
steam generating unit, and the source complies with reporting obligations, the source’s 
“representative actual emissions.”  40 C.F.R. § 52.21(b)(3)(i)(a), (21) (2000).  Neither the 
company nor Utah used these definitions, nor the relevant data, to determine whether PSD 
requirements were applicable to the physical and operational changes at the plant.   


First, the data used by Deseret and Utah (and adopted without analysis into the 2001 federal 
permit) “failed to use actual pre-project emissions as the baseline for determining the amount 
of the increase.”21  In 1998, Deseret reported current emissions of 10,558 tpy of NOx.  In fact, 
the maximum actual pre-project emissions were significantly less: 7,005 tpy of NOx.22  


Second, Deseret did not inform the permitting agencies that its heat input would increase as a 
result of the ruggedized rotor projects.  In its original application for a PSD permit, Deseret 
stated that the Bonanza Plant would be operated at a heat input rate of 4,055 mmBtu/hour, 
and the company used this heat input rate to show compliance with ambient air quality 
standards.23  Although the ruggedized rotor project purported to decrease heat rate (heat input 
per unit of output) it would also increase the plant’s output, necessitating an increased steam 
flow, requiring more coal burn, and therefore increasing the overall heat input to the boiler.24 
Deseret never submitted a new application to change the heat input that was used to 
determine emissions and PSD requirements in its original permit despite intending to increase 
heat input to the Bonanza boiler.  Thus, the company never provided the information EPA 
needed to make an informed permitting decision.  Because it never disclosed the increased 
heat input to Region 8, Region 8 relied on Deseret’s original permit applications when issuing 
the 2001 permit.25  


Third, Deseret never projected the future actual emissions in advance of undertaking the 
ruggedized rotor project.26 “It is critical to the proper implementation of the PSD program that 
the calculation of the representative actual annual emissions be made prior to the project, so 
that the correct amount of excluded emissions can be considered in reviewing the post-project 


21 SOB at 16.   
22 Id. 
23 Letter to Mr. Merrill J. Millett, General Manager, Deseret Generation and Transmission Cooperative, Inc., from 
Robert L. Duprey, Director, Air and Hazardous Materials Division, EPA Region 8, enclosing the Conditional Permit to 
Commence Construction and Operate at application analysis 2 (AR Doc #1); See also WildEarth Guardians 
Comments (AR Doc #34).  Sources must operate in accordance with the application. 40 C.F.R. § 52.21(r). 
24 SOB at 21.   
25 Letter to Mr. Merrill J. Millett, General Manager, Deseret Generation and Transmission Cooperative, Inc., from 
Robert L. Duprey, Director, Air and Hazardous Materials Division, EPA Region 8, enclosing the Conditional Permit to 
Commence Construction and Operate at application analysis 27 (AR Doc #1). 
26 SOB at 18. 
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emissions that are reported.”27  A projection of post-project emissions must be done according 
to the following: 


The future actual projection is the product of: (1) The hourly emissions rate, 
which is based on the unit's physical and operational capabilities following the 
change and federally enforceable operational restrictions that would affect the 
hourly emissions rate following this change; and (2) projected capacity 
utilization, which is based on (a) the unit's historical annual utilization, and (b), 
all available information regarding the unit's likely post-change capacity 
utilization. 19 The projection of post-change capacity utilization for applicability 
purposes should be based on a projection of utilization for a period after the 
physical or operational change.28 


 
Even to this day, Deseret continues to misinterpret the applicable regulations and provide 
inaccurate analyses.29 In response to the Region’s information requests, Deseret attempted to 
show that NOx emissions did not increase by adjusting its post-project emissions data using a 
“fundamentally flaw[ed]” methodology.30  In light of all of the above, Region 8 should not give 
Deseret any special favors and ignore years of precedent and policy.   


II. The Region’s Analysis Ignores Fine Particulate Matter  


The Region completely omits any consideration of one of the regulated PSD pollutants: fine 
particulate matter, or PM2.5.  Recognizing the unique characteristics of and harms from fine 
particulate matter, in 1997, U.S. EPA promulgated new annual and 24-hour NAAQS for PM2.5.31  
EPA’s bases for regulating PM10 and PM2.5 separately under distinct NAAQS were, and remain, 
differences in people’s exposure, where the particles lodge in the body (PM2.5 penetrates 
deeper into the lungs), and the health effects associated with each.32  Promulgation of the 
PM2.5 NAAQS in 1997 triggered the requirement to apply New Source Review requirements to 
PM2.5.33  While EPA had temporary guidance allowing the use of PM10 as a surrogate for PM2.5, 


27 Id. 
28 57 Fed. Reg. 32,314, 32,323 (July 21, 1992). 
29 SOB at 18. 
30 Id. 
31 62 Fed. Reg. 38,652, 38,652 (July 18, 1997); 40 C.F.R. § 50.7. 
32 71 Fed. Reg. 61,144, 61,147 (Oct. 17, 2006). 
33 See 70 Fed. Reg. 65,984, 66,043 (Nov. 1, 2005) (obligation to implement PSD for PM2.5 was triggered on the 
effective date for the NAAQS); see also 73 Fed. Reg. 28321, 28340, (May 16, 2008) (“section 165 of the CAA 
suggests that PSD requirements become effective for a new NAAQS upon the effective date of the NAAQS.”); 52 
Fed. Reg. at 24,684 (stating that PM10 permitting was required after the effective date of the PM10 NAAQS); and 
Memorandum from Stephen Page, Applicability of the Federal Prevention of Significant Deterioration Permit 
Requirements to New and Revised National Ambient Air Quality Standards (April 1, 2010) (“EPA generally 
interprets the CAA and EPA's PSD permitting program regulations to require that each final PSD permit decision 
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it has also concluded that the bases for that guidance (difficulties measuring PM2.5) have been 
resolved and, in any event, even when the guidance was applicable a fact-specific surrogacy 
analysis was required before PM10 could be used as a surrogate for PM2.5. 


The Region failed to consider whether the ruggedized rotor project triggered an emissions 
increase of PM2.5 that could have required BACT review for that pollutant. The Region also 
failed to demonstrate that the emissions increases from the ruggedized rotor project comply 
with the PM2.5 NAAQs.  Although the Region does not explain that it is using PM10 as a 
surrogate for PM2.5, the use of a surrogate would not relieve the Region from the duty to 
evaluate PM2.5 altogether.  The best controls for PM10 are not the best controls for finer PM2.5.  
Likewise, compliance with NAAQS for PM10 does not obviate the need to comply with NAAQS 
for PM2.5; the PM2.5 NAAQS is set at a different, more stringent, level than the PM10 NAAQS.  
As explained later in these comments, the ruggedized rotor caused significant emission increase 
for PM2.5, and therefore the Region must conduct a BACT analysis for PM2.5. 


In its objection to the Title V operating permit for the Trimble coal plant, the EPA confirmed 
that any permitting authority seeking to use the PM10 surrogate policy must undertake a 
rigorous, individualized assessment of the appropriateness of surrogacy as applied to the 
proposed unit.34 Trimble noted that the D.C. Circuit surrogacy law governs the use of EPA’s 
PM10 surrogate policy, explaining “these cases demonstrate the need for permit applicants and 
permitting authorities to determine whether PM10 is a reasonable surrogate for PM2.5 under the 
facts and circumstances of the specific permit at issue, and not proceed on a generate 
presumption that PM10 is always a reasonable surrogate for PM2.5”35 


[A]ny person attempting to show that PM10 is a reasonable surrogate for PM2.5 would 
need to address the differences between PM10 and PM2.5.  For example, emission 
controls used to capture coarse particles in some cases may be less effective in 
controlling for PM2.5.  72 Fed. Reg. 20,586, 20,617 (April 25, 2007).  Petitioners made 
this specific point in noting that finer material is not as efficiently removed by [a] 
baghouse as larger particles.36  As a further example, the particles that make up PM2.5 
may be transported over long distances while coarse particles normally travel only short 
distances.  70 Fed. Reg. 65,984, 65,997-98 (November 1, 2005).  Under the principles in 
the case law, any person seeking to use the PM10 surrogate Policy properly would need 


reflect consideration of any NAAQS that is in effect at the time the permitting authority issues a final permit.”), 
available at http://www.epa.gov/region07/air/nsr/nsrmemos/psdnaaqs.pdf. 
34 Exhibit 2, In re Louisville Gas & Electric Co., Order Responding to Issues raised in April 28, 2008 and March 2, 2008 
2006 Petitions, and Denying in part and Granting in Part Requests For Objection to Permit (August 12, 2009), 
hereinafter (“Trimble”). 
35 Id. at 44.  
36 Id. 
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to consider these differences between PM10 and PM2.5 and demonstrate that PM10 is 
nonetheless an adequate surrogate for PM2.5. 37    


Trimble provides detailed instructions for state permitting authorities on how to show PM10 
provides a reasonable surrogate for PM2.5 in a particular case. 


First, the source or the permitting authority establishes in the permit record a strong 
statistical relationship between PM10 and PM2.5 emissions from the proposed unit…  


Second, the source or the permitting authority demonstrates that the degree of control 
of PM2.5 by the control technology selected in the PM10 BACT analysis will be at least as 
effective as the technology that would have been selected if a BACT analysis specific to 
PM2.5 emissions had been conducted…. 


The reasonableness analysis must be demonstrated in the permit record.38  


Here, (1) there is no factual support to find it is reasonable to use a surrogate for PM2.5 for this 
specific permit from this specific source; (2) there is no factual support to show differences 
between PM10 and PM2.5 have been addressed; and (3) there is no factual support related to 
any technical difficulties that would necessitate using PM10 as a surrogate.   


III. The 2000 Ruggedized Rotor Project Triggered PSD Requirements  


PSD applicability must be determined prior to construction of a project by comparing pre-
project emissions to post-project allowable, potential, or “representative actual” emissions.  
Here, the PSD applicability determination here is complicated by Deseret’s failure to provide 
the relevant and necessary information and properly estimate post-project emissions before 
the ruggedized rotor project.  As we explain below, the statement of basis is unclear and Region 
8 must clarify exactly how it is determining PSD applicability under these circumstances. We 
urge the Region to be careful not to create a conflict with existing precedent that sources that 
fail to obtain a PSD permit cannot later use post-project emissions to retroactively show that 
PSD does not apply (an option that is not available to facilities that comply with the law and 
undertake the appropriate analysis prior to construction). 


 


 


37 Exhibit 2, Trimble at 44 (emphasis added); See also Exhibit 3, EPA Region 9’s Motion for Voluntary Remand, 
Desert Rock, April 23, 2009, at 3-4, 9 (requesting remand of a permitting decision by Region 9 based on the PM10 
surrogacy policy because the administrative record could not support use of the policy).    
38 Exhibit 2, Trimble at 44; see also Exhibit 4, EPA Order Denying Petition for Objection to Permit --- In re Duke 
Energy of Indiana Edwardsport Generating Station, (Dec. 13, 2011). 
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A. Region 8 Should Clarify the Emission Increase Test it is Applying.   


In the statement of basis, Region 8 states that the Federal PSD permit regulations in effect in 
2001 allow a comparison of actual pre-project emissions to the post-project actual emissions or 
post-project potential emissions.39  This is an incorrect statement of law because it could be 
misinterpreted to mean that PSD applicability can be determined based on an actual-to-
confirmed-actual basis—which assumes that a facility may wait until a project has occurred, 
measure its post-project emissions, and subtract pre-project emissions from measured post 
project emissions, rather than conducting a correct analysis prior to construction.  To avoid 
misinterpretation, Region 8 should clarify that PSD applicability must be determined prior to 
construction of the project by comparing pre-project emissions to post-project potential, 
allowable, or representative actual emissions.40   


The PSD rules in effect at the time of the project defined a significant net emissions increase as 
the change in “actual emissions,”41 and provide four definitions of “actual emissions.”  The first 
option is for pre-project emissions (24 months prior to the project and representative). 42  This 
definition is not available for determining future post-project emissions because it refers to, 
and requires, a calculation of emissions that have actually occurred during a historic period of 
time.  The other three subsections in the definition provide options for calculating post-project 
emissions (allowable, potential to emit, or representative actual emissions).43  As the Bonanza 
SOB correctly points out, representative actual can be used to project future emissions, but 
then post project reporting must be conducted as a “backstop” to ensure that a pre-project 
projection of representative actual emissions was accurate.44  Specifically, the rules allow 
representative actual emissions to be used “provided the source owner or operator maintains 
and submits to the Administrator on an annual basis for a period of 5 years from the date the 
unit resumes regular operation, information demonstrating that the physical or operational 
change did not result in an emissions increase.”45  Post-project emissions monitoring and 
reporting is not a substitute for conducting an accurate pre-project analysis of post-project 
emissions using potential to emit, allowable emissions, or representative future actual 


39 SOB at 16. 
40 The 2002 rule changes use the term “projected actual emissions.”  40 C.F.R. § 52.21(a)(2)(iv)(c), (b)(41)  
(2000). 
41 40 C.F.R. § 51.21(b)(3)(i)(2000). 
42 40 C.F.R. § 52.21(b)(21)(ii) (2000) (“In general, actual emissions as of a particular date shall equal the average 
rate, in tons per year, at which the unit actually emitted the pollutant during a two-year period which precedes the 
particular date and which is representative of normal source operation.”). 
43 40 C.F.R. § 52.21(b)(21)(iii),(iv), (v)(2000). 
44 SOB at 17 (citing 40 CFR § 52.21(b)(21)(v)). 
45 40 C.F.R. § 52.21(b)(21)(v)(2001) (emphasis added). 
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emissions.46  Rather, post-project emission reporting and analysis is a back-stop -- an 
“additional protection” to make sure that the pre-project projections do not miss an increase 
that occurs despite a projection that it would not occur.47   


Any other construction of the Act and its regulations would turn the preconstruction 
permitting program on its head and would allow sources to construct without a permit 
while they wait and see if it would be proven that emissions would increase.  Clearly, 
Congress did not intend such an outcome, which would eviscerate the preconstruction 
dimension of the program.  Thus, the Court concludes that the issue of whether [the 
utility’s] projects required a [PSD] permit must be determined by reviewing evidence of 
the projected post-project emissions increases, and not by reviewing evidence of the 
actual post-project emissions data.48 


We assume that the Region is applying the PSD regulations according to their text, applicable 
judicial precedent, and prior EPA decisions.  Yet parts of the SOB indicate that Region 8 is 
determining PSD applicability for the ruggedized rotor project at Bonanza based on post-project 
emissions, rather than on a projection of future emissions as of the time when construction on 
the project commenced. For example, the statement on page 21-22 that Region 8’s applicability 
determination is based on daily heat input data from 1997 through 2005 “in an attempt to 
evaluate the extent to which an increase in actual heat input capacity may have occurred and 
been utilized as a result of the ruggedized rotor project” suggests that this is what the Region is 
doing.  Also, on page 23, Region 8 concludes that the ruggedized rotor project was a major 


46 See e.g., U.S. v. Ohio Edison Co., 276 F.Supp.2d 829, 881 (S.D.Ohio 2003) (the statute is “abundantly clear that 
PSD applicability is to be determined prior to the commencement of a project.”); 57 Fed. Reg. 32,314, 32,323 (July 
21, 1992) (describing factors included in a projection), id. at 32,316 (applicability must be determined prior to 
construction).   
47 New York v. EPA, 413 F.3d at 34 (describing the 1992 WEPCO Rule revisions to 40 C.F.R. § 52.21 as requiring 
“utilities whose projections included no significant emissions increase” from a modification “to supply permitting 
authorities with a minimum of five years of data to verify the projections’ accuracy.” (emphasis added); Ohio 
Edison, 276 F.Supp.2d at 875 (rejecting interpretation of PSD that would use post-project emission data to 
determine applicability); 57 Fed. Reg. at 32,325 (explaining that the reporting is a backstop to ensure that 
emissions do not unexpectedly increase); United States v. DTE Energy Co., 711 F.3d at 645-46 (“To ensure that the 
operators did not deliberately underestimate emissions to avoid the permit requirement, EPA required sources 
using this test to track their emissions for five years and … information demonstrating that the change did not 
result in an emissions increase.”). 
48 United States v. S. Ind. Gas & Elec. Co. (“SIGECO”), No. IP99-1692-C-M/F, 2002 WL 1629817, at *2-3 & n.3 (S.D. 
Ind. July 18, 2002); see also Exhibit 1, United States. v. Oklahoma Brief, at 25-29 (“the recordkeeping and 
reporting requirements in no way altered or replaced the forward-looking requirements that have always been the 
cornerstone of the PSD program”).    
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modification based on its analysis of five years of pre-project CEMS data and five years of post-
project CEMS data that reveal a net NOx emissions increase.49  


To the extent that the Region 8 proposal is that post-project after-the-fact emissions can be 
used as part of the “backstop,” we note that the rules require a projection of emissions—from 
the point in time immediately before the project occurred—about whether emissions would 
increase or decrease.  Such a projection is predicate for post-project emission measurements 
and reporting because post-project emission monitoring and reporting is only a “backstop” to 
assess the accuracy of the pre-project projections.  Here, because there has been no pre-
project projections, there can be no “backstop” for such projections and post project emissions 
have no relevance to any of the applicable emission increase tests available.  


Although there was a pre-project determination by the facility purporting to show that PSD did 
not apply, that determination was done according to the Utah state construction permit 
program, which is based on a potential-to-potential analysis and not based on the prescribed 
“representative actual” methodology in the PSD regulations.50  Post-project emissions cannot 
be used to determine applicability if the original applicability determination failed to comply 
with the regulations.51  The EPA has always rejected any attempt at using such an approach.   


For example, EPA rejected the source’s attempt to avoid new source review requirements by 
applying the wrong applicability test pre-project and then relying on post-project emission 
reporting in the Columbia Generating Station Title V order.52  Similarly, EPA forcefully argued in 
its declaratory judgment action against the Oklahoma Gas & Electric Company that post-project 
recordkeeping does not replace “the touchstone PSD obligation that facilities prepare 
preconstruction emissions projections.”53  EPA went on to emphasize: 


the PSD program requires that sources take steps to protect public health before 
modifying facilities by assessing future pollution levels, undergoing review, and, where 
necessary, employing pollution control techniques to maintain emissions limitations. 
This process aims to prevent degradations to air quality. See, e.g., 42 U.S.C. § 7470. 
Thus, PSD applicability necessarily hinges on preconstruction estimates of a project’s 
effect on future emissions.54 


49 SOB at 22.  
50 SOB at 16. 
51 Ohio Edison, 276 F.Supp.2d at 875 
52 Exhibit 6, Title V Order, In re Wisconsin Power and Light Columbia Generating Station, Oct. 8, 2009, at pp. 7-9, 
hereinafter (“In re Columbia”).  
53 Exhibit 1, U.S. v, Oklahoma brief at 25, 28.  
54 Id. at 14 (emphasis added) 
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EPA further explained that “the recordkeeping and reporting provisions set forth in the 2002 
Rules in no way replaced a source’s obligation to perform preconstruction emissions 
projections and assess the project’s impact on a facility’s future pollution levels.”55 


The Region should be cautious that by describing its analysis regarding PSD applicability it is not 
creating a new interpretation that post-project emissions can be used for an applicability 
determination absent a pre-project analysis that complies with the regulation’s required 
projection of post project representative actual emissions.  Such an interpretation would 
conflict with all prior EPA statements and EPA’s positions in ongoing litigation.  If Region 8 is 
treating the Bonanza facility as if it had made a pre-project determination of post-project 
representative actual emissions that complied with applicable regulations and preliminarily 
concluded that there would be no significant increase (even though the Region notes that this 
did not actually happen)56, and that the Region is using the post project emissions as a 
“backstop” based on this assumed premise (which is what the references to 40 CFR 
52.21(b)(21)(v) on SOB p 17 implies)— the SOB needs to be explicit about what it is doing.   


Thus, Region 8 should make perfectly clear in the record for this matter that other major 
stationary sources asserting that PSD requirements do not apply based on an incorrect 
“projection” that does not follow the applicable regulations cannot rely on post project 
emissions to determine that PSD does not apply.  As EPA recognized in the Columbia 
Generating Station order, a utility cannot avoid permitting requirements by artificially 
constraining post-project operations for the five years of reporting and then resuming normal 
operations thereafter.57 Similarly, EPA explained that OG&E “cannot be allowed to skirt its 
forward-looking obligations by saying ‘let’s wait to see if emissions go up’ … [this] … would turn 
the PSD preconstruction permitting program into a ‘wait and see’ program under which an 
operator need do nothing more than pronounce its intention that its emissions will not increase 
as a result of its proposed modification.”58 The Sixth Circuit also recognized that if an operator 
makes “no projection, or the projection is made in contravention of the regulations guiding how 
the projection is to be made, then the system is not working.”59  


While we do not agree that it is appropriate to presume a lawful pre-project projection 
occurred where it never did, the Region needs to make the record explicit about exactly what 
test it is applying. 


55 Id. at 29. 
56 SOB at 18.  
57 Exhibit 6, In re Columbia at 7. 
58 Exhibit 1, U.S. v. Oklahoma brief at 17-18. 
59 United States v. DTE Energy Co., 711 F.3d at 649. 
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B. The Ruggedized Rotor Project Was a Major Modification that Triggered BACT for NOx, 
SO2, PM10 and PM2.5  


The Region’s analysis concludes that the ruggedized turbine project was a major modification 
for NOx, and therefore triggered PSD requirements for at least that pollutant.  While Region 8 is 
correct that the project was a major modification for NOx, the Region’s analysis is incomplete 
and in some ways erroneous.  Applying the correct analysis to the 2000 ruggedized rotor 
project shows that it was a major modification for particulate matter (PM2.5 and PM10), sulfur 
dioxide and nitrogen oxide.  


IV. Heat Rate Increases Demonstrate PM2.5, PM10 and SO2 Increases Trigger BACT 


The ruggedized rotor project (including new coal pulverizer mills with higher capacity, burner 
modifications to increase flow capacity, and modifications to the HP/IP and LP sections of the 
turbine to increase capacity) was intended to increase the ability to generate and use additional 
steam, which in turn increases the heat input and necessitates additional fuel combustion.  The 
Region’s analysis of the actual heat input values confirm “that the project increased the heat 
input capacity of the boiler and that this additional capacity was utilized after the project.”60 
When a boiler’s heat rate input is increased and it burns more coal consistent with the 
increased capacity, its emissions increase. The Region recognizes that Bonanza’s use of the 
additional capacity created by the ruggedized rotor project resulted in increased NOx 
emissions.61  However, by using a flawed analysis, EPA concluded that the project did not result 
in a projected significant increase for PM10 or SO2.62   


The project increased the heat input to the boiler from 4,381 to 4,578 MMBtu/hr, based on the 
highest two years out of the five preceding and following the Project.63 The maximum or design 
heat rate is likely much larger, but because no other reported capacity is available in the record 
we use 4,578 MMBtu as the unit’s post-project hourly “physical and operational capabilities 
following the change.”64  Applying the correct method for calculating post-project 
“representative actual emissions” provided at 57 Fed. Reg. at 32,323, results in projected 
increases for NOx, PM10, PM2.5 and SO2 in direct proportion to the increase in firing rate.65  The 


60 SOB at 22. 
61 SOB at 22. 
62 SOB at 24. Because the Region did no analysis for PM2.5, the analysis for PM2.5 also fails to comply with the 
required procedure.   
63 SOB at 21.  We assume that EPA has approved the use of these years as the representative baseline period 
pursuant to 40 C.F.R. § 52.21(b)(21)(ii). 
64 57 Fed. Reg. 32,314, 32,323. 
65 We calculate the representative actual emission increase below, assuming that the plant had complied with pre-
project analysis and post-project reporting obligations for that test.  However, because no pre-project analysis was 
done and the post-projected reporting requirements necessary for the representative actual test were not 
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record does not identify any controls for these pollutants or any change in coal quality that 
would constitute “federally-enforceable operation restrictions.”  Thus, a proper calculation 
should find a net increase in SO2, PM10, and PM2.5 in addition to the increase the Region 
identified for NOx. 


V. Representative Actual Test Shows PM10, PM2.5 and SO2 Increases Trigger BACT 


Even if the facility had done a pre-project projection of post-project emissions, and had 
complied with the mandatory reporting obligations associated with such a test during all five 
post-project years, the required projection shows a significant net emissions increase of SO2, 
NOX and PM (including PM, PM10 and PM2.5).  According to the facility’s permit application for 
the ruggedized rotor project, the heat input capacity of the boiler would increase from 4,38166 
to 4,578 MMBtu/hour (a 197 MMBtu/hr increase).  As EPA prescribed in the 1992 Federal 
Register notice, post-project representative actual emissions must be calculated by multiplying: 


(1) The hourly emissions rate, which is based on the unit's physical and 
operational capabilities following the change and federally enforceable 


followed the facility opted for the actual-to-potential test by default. 40 C.F.R. § 52.21(b)(21)(v) (1993-2002); 57 
Fed. Reg. at 32,324-32,325. That test also shows significant increases: 
 
Sulfur Dioxide 
The SOB reports the highest annual average SO2 emissions over a 24-month period during the 5-year baseline 
before the project of 1,406 ton/yr.  SOB at 24.  The 1998 permit includes an SO2 emission limit of 0.0976 
lb/MMBtu. Approval Order for Modification of Bonanza One Power Plant Emission Limits, Change in Coal Pile 
Parameters, and Ruggedized Rotor Project, March 16, 1998, EPAPER017964 -17975 at 4. (AR Doc #11).  The 
potential to emit SO2, based on the post-Project heat rate of 4,578 MMBtu/hr is 1,957 ton/yr.  Thus, potential to 
emit SO2 = (0.0976 lb/MMBtu) (4,578 MMBtu/hr)(8,760 hr/yr)/2000 lb/ton = 1,957 ton/yr.  The increase in SO2 
emissions is at least 551 ton/yr (1957-1406=551).  This exceeds the PSD significance threshold for SO2 of 40 ton/yr, 
triggering PSD review for SO2. 
 
Particulate Matter 
At the time of the modification, both PM10 and PM2.5 were regulated PSD pollutants, yet as discussed previously, 
the SOB fails to consider PM2.5. The SOB reports the highest annual average PM10 emissions over a 24-month 
period during the 5-year baseline before the project of 465.8 ton/yr. SOB at 24.  The 1998 permit includes a PM10 
emission rate of .0286 lbs/MMBTU.  Approval Order for Modification of Bonanza One Power Plant Emission Limits, 
Change in Coal Pile Parameters, and Ruggedized Rotor Project, March 16, 1998, EPAPER017964 -17975 at 5. (AR 
Doc #11).  The potential to emit PM10, based on the post-Project heat rate of 4,578 MMBtu/hr is 574 ton/yr.  
Potential to emit PM10 = (0.0286 lb/MMBtu) (4,578 MMBtu/hr)(8,760 hr/yr)/2000 lb/ton = 574 ton/yr.  Thus, the 
increase in PM10 emissions is at least 108 ton/yr (574-466=108).  This exceeds the PSD significance threshold for 
PM10 of 10 ton/yr, triggering PSD review for PM10.  
 
66 We note that the original PSD permit was issued based on Deseret’s application indicating a maximum hourly 
heat input of 4,055 MMBtu/hour, which was then used to assess the air quality impacts.  Because operation not in 
accordance with the application constitutes a violation, 40 C.F.R. § 52.21(r)(1) (2000), the actual enforceable heat 
input limit was lower than 4,381 MMBtu/hour.   
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operational restrictions that would affect the hourly emissions rate following this 
change; and (2) projected capacity utilization, which is based on (a) the unit's 
historical annual utilization, and (b), all available information regarding the unit's 
likely post-change capacity utilization. The projection of post-change capacity 
utilization for applicability purposes should be based on a projection of 
utilization for a period after the physical or operational change.67 


For the Bonanza plant, those calculations are as follows: 


(1) Hourly emission rate = plant’s physical capabilities following the change (4,578 
MMBtu/hour*emission rate in lb/MMBtu) 


(2) Projected utilization. 


At even a low 75% capacity factor (which is conservatively low, compared to the plant’s actual 
and expected capacity factor68), the resulting projected increase in heat input following the 
project would be 1,294,290 MMBtu/year.   The increase is due entirely to the increased 
capacity, which can be calculated by multiplying the pre-project lb/MMBtu emission rate with 
the heat input increase attributable directly to the project.69  Using historical emission rates 
during the baseline period, the increase in emissions is at least the following (and likely much 
higher due to the plant’s actual higher capacity factor).       


 


 


 


 


 


 


 


 


67 57 Fed. Reg. 32,314, 32,323 (July 21, 1992). 
68 See Letter from Howard Vickers of Deseret Power to Michael Owens of EPA Region 8; Ruggedized Rotor 
Spreadsheet for the Bonanza Plant at 2 (Sept. 27, 2005), (noting that monthly capacity factors averaged 86.3% 
prior to the project and 94.6% after the project) (AR Doc #32).  Using these capacity factors instead would result in 
even larger projections of representative actual (i.e., post-project projected) emissions.  
69 As noted above, there were not creditable emission decreases, so the net emissions increase is at least as high—
or higher—than the increase in actual emissions. 
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Table 1. 


Pollutant 
Increase In Heat 
Input 


Annual 
Increase In 
Heat Input70 


Emission Factor 
(lb/MMBtu) 


Difference/Increase 
(TPY) 


SO2 197 
MMBtu/hour 


1,294,290 
MMBtu/year 0.084 54 


NOX 197 
MMBtu/hour 


1,294,290 
MMBtu/year 0.372 240 


PM10 197 
MMBtu/hour 


1,294,290 
MMBtu/year 0.0286 1871 


 


Because these increases are directly attributable to the increased heat input to the boiler 
caused by the project, and were not capable of accommodation prior to the project, there is no 
basis to exclude any amount of the increase due to “load growth,” or any other basis.72  While 
the post-project emissions data show that NOX emissions increased as a result of the project, 
those findings would be relevant if an actual-to-projected-actual test had predicted no increase 
but “WEPCO Rule backstop reporting” showed that increased actually did occur.  In that case, 
the facility would be subject to PSD applicable requirements despite a pre-project projection 
that emissions would not increase.  However, here, a pre-project projection would also indicate 
expected increases in NOX, SO2 and particulate matter.  The fact that post project emissions did 
not increase (or have not increased yet), SOB p. 24, is only relevant to check a pre-project 
projection that complies with the applicable regulations—it cannot be used as a stand-alone 
applicability determination.      


 


 


 


 


70 197 MMBtu/hour increase * 8760 hours/year * 0.75 (capacity factor) = 1,294,290 MMbtu/year increase. 
71 Again, because most or all of these increases are also PM2.5, and the threshold for a significant increase of PM2.5 
at the time of the project was “any increase,” this also represents a significant net emissions increase of PM2.5.   
72 SOB at 18-21.   
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VI. The Region’s Cost Effectiveness Analysis is Legally and Factually Indefensible 
 


A. Background on Cost Effectiveness Considerations in a Top-Down BACT Analysis 


Cost considerations in determining BACT are expressed in one of two ways: average cost 
effectiveness or incremental cost effectiveness.73   


Average Cost Effectiveness:  The first step in calculating the average cost effectiveness of 
alternative control options (such as LNB/OFA vs. LNB/OFA + SCR), is for EPA to correctly define 
the baseline emission rate.   Baseline emission rates are “essentially uncontrolled emissions, 
calculated using realistic upper boundary operating assumptions,” for the applicant’s proposed 
fuel choice.74  Once the baseline is calculated, the cost-per-ton of pollutant controlled is 
calculated for each control option by dividing the control option’s annualized cost by the tons 
of pollution avoided (“Baseline emissions rate – Control option emission rate”).75  


Incremental Cost Effectiveness: Incremental cost effectiveness is an optional consideration that 
must always be paired with average cost effectiveness.76  The NSR Manual warns that “undue 
focus on incremental cost effectiveness can give an impression that the cost of a control 
alternative is unreasonably high, when, in fact, the total cost effectiveness, in terms of dollars 
per total ton removed, is well within the normal range of acceptable BACT costs.”77   


The use of incremental cost effectiveness is limited.  It is only used to compare “dominant” 
alternative pollution control options.78 This requires plotting all pollution control options to 
create an “envelope of least-cost alternatives” “depicted by the curvilinear line connecting” the 
control options.79  Incremental cost effectiveness is the difference in total annual costs 
between two contiguous control options that are on the dominant control curve.80 The 


73 U.S. EPA, New Source Review Workshop Manual: Prevention of Significant Deterioration and Nonattainment 
Area Permitting, Draft, October 1990, hereinafter (“NSR Manual”); available at 
http://www.epa.gov/ttn/nsr/gen/wkshpman.pdf, at B.36; see also In re Inter-Power of New York, 5 E.A.D. 130, 136 
(EAB 1994).   
74 See NSR Manual at B.37. “The NSPS/NESHAP requirements or the application of controls, including other 
controls necessary to comply with State or local air pollution regulations, are not considered in calculating the 
baseline emissions.”   
75  In re Steel Dynamics, 9 E.A.D. 165, 202 n.43 (EAB 1999); In re Masonite Corp., 5 E.A.D. 551, 564 (EAB 1994); NSR 
Manual at B.36-.37.     
76 NSR Manual at B.41 (“incremental cost effectiveness should be examined in combination with the total cost 
effectiveness in order to justify elimination of a control option.”), B.43 (“As a precaution, differences in 
incremental cost among dominant alternatives cannot be used by itself to argue one dominant alternative is 
preferred to another.”). 
77 Id. at B.45-.46.   
78 Id. at B.43.   
79 Id. at B.41-.43 and Figure B-1.   
80 Id. at B.41-.43 and Figure B-1.  


17 
 


                                                           



http://www.epa.gov/ttn/nsr/gen/wkshpman.pdf





consideration of incremental cost effectiveness is not to be used to reject an option merely 
because it costs more—even if it costs twice as much—as the next dominant alternative.81  


Determining Cost Effectiveness:  When determining if a pollution control option has sufficiently 
adverse economic impacts to justify rejection of that option and establishment of BACT on a 
less effective option, a permitting agency must determine that the cost-per-ton of emissions 
reduced is beyond “the cost [] borne by other sources of the same type in applying that control 
alternative.”82 


Importantly, cost-effectiveness measures cost differences between facilities applying the same 
technology. In a cost-effectiveness determination, the cost of controlling air pollution with a 
particular control at the permittee’s source must be compared to the cost of controlling 
pollution with the same control at other facilities in the same source category.  This 
consideration does not compare the cost-per-ton of air pollution with one pollution control 
option to the cost-per-ton of another pollution control option.  For example, the cost-per-ton of 
controlling NOX with SCR on the permittee’s facility is compared to controlling NOX with SCR at 
other facilities in the same category; the cost of controlling with SCR is not compared to the 
cost-per-ton of controlling NOX with LNB/OFA. This is consistent with the rule for BACT analyses 
that the collateral impacts provision (including cost-effectiveness) “operates primarily as a 
safety valve whenever unusual circumstances specific to the facility make it appropriate to use 
less than the most effective technology.”83  A cost analysis that strays too far from this rule by 
creating and applying a default cost-per-ton threshold that applies across facilities, control 
technologies, and time, undermines the premise of the collateral impacts analysis. 


In limited circumstances, an applicant can avoid BACT based on a pollution control option that 
does not have significantly higher costs than incurred at other facilities using the same control 
option.  To do so, however, the source must document that:  


(1) the “control alternative has not been required as BACT (or its application has 
been extremely limited)”;  


(2) “there is a clear demarcation between recent BACT control costs in that 
source category and the control costs for sources in that source category 


81 Id. at B.43. 
82 Id. at B.44; see also Steel Dynamics, 9 E.A.D. at 202; Inter-Power, 5 E.A.D. at 135 (“In essence, if the cost of 
reducing emissions with the top control alternative, expressed in dollars per ton, is on the same order as the cost 
previously borne by other sources of the same type in applying that control alternative, the alternative should 
initially be considered economically achievable, and, therefore, acceptable as BACT.” (quoting NSR Manual at B.44) 
(emphasis original)). 
83 In re Columbia Gulf Transmission Co., 2 E.A.D. 824, 827 (Adm’r 1989) (emphasis added).   
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which have been driven by other constraining factors (e.g., need to meet a 
PSD increment or a NAAQS)”; and 


(3) the “applicant… demonstrate[s] to the satisfaction of the permitting agency 
that costs of pollutant removal (e.g., dollars per total ton removed) for the 
control alternative are disproportionately high when compared to the cost of 
control for the pollutant in recent BACT determinations.” 


Only when all three of these criteria are met can a pollution control option be rejected as the 
basis for BACT without showing a significant difference in cost with other facilities using the 
same pollution control.84 


It is also important to note that a pollution control option must be outside the range of costs 
borne by facilities in the same source category, plus the margin of error, to be determined not 
cost effective.  Cost calculations used in BACT determinations are only assumed to be accurate 
within 20 to 30 percent.  Therefore, EPA’s guidance concludes that this uncertainty is resolved 
in favor of defaulting to the most pollution control:  


“Study cost estimates used in BACT are typically accurate to + 20 to 30 percent.  Therefore, 
control cost options which are within + 20 to 30 percent of each other should generally be 
considered to be indistinguishable when comparing costs.”85 


Therefore, generally a pollution control option must be outside this margin, i.e., be more than 
20-30% more expensive than other sources controlling air pollution for a control option to be 
eliminated in a top-down BACT analysis. 


VII. The Greenhouse Gas BACT Guidance “Qualitative Cost Assessment” is Not Applicable 
to BACT for NOx Emissions 


BACT is “is primarily a technology-based standard,” and the NSR Manual advises that the top 
control alternative should be BACT as long as it its cost effectiveness is “on the same order as 
the cost previously borne by other sources of the same type in applying that control 
alternative.”86  The Statement of Basis, hereinafter (“SOB”) includes a top-down BACT analysis 
for NOX.  This analysis concludes that SCR, the top control technology, is not cost effective as 
BACT for NOX using absolute capital cost based on misapplication of guidance for greenhouse 


84  NSR Manual at B.45; see also Inter-Power, 5 E.A.D. at 136 (discussing this secondary average cost-effectiveness 
consideration, where the control option has never or rarely been applied). 
85 NSR Manual at B.44.   
86 Id. 
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gas (GHG) emissions, parting from EPA’s long-standing practice of determining whether cost 
effectiveness, in dollars per ton, falls within the range of costs borne by other similar facilities.  


Instead of following the well-established approach to determining whether a control can be 
eliminated based on cost effectiveness, the Region uses what it deems to be a “qualitative cost 
assessment” and determines the total cost of an SCR is simply “too high…in light of the unique 
nature and timing of the PSD correction permitting action.”87   


The Region claims that it has used a “qualitative cost assessment” in other cases where 
comparative information is lacking and overall costs are “disproportionately high.” 88  But as the 
EAB explained In re City of Palmdale, the “qualitative” assessment is a “GHG-specific BACT step 
4 considerations,”89 not an overhaul of the NSR Manual approach.  This is without basis in law or 
EPA precedent. 


EPA’s GHG guidance advises that a qualitative approach can be used in cases where the cost of 
building hundreds of miles of new pipeline to transport CO2 would be “extraordinarily high and 
by itself would be cost prohibitive”90  The GHG Permitting Guidance is irrelevant for evaluating 
the cost effectiveness of SCR as NOX BACT as it is GHG-specific: 


“With respect to the evaluation of the economic impacts of GHG control strategies, it 
may be appropriate in some cases to assess the cost effectiveness of a control option in 
a less detailed quantitative (or even qualitative) manner.  For instance, when evaluating 
the cost effectiveness of CCS as a GHG control option, if the cost of building a new 
pipeline to transport the CO2 is extraordinarily high and by itself would be considered 
cost prohibitive, it would not be necessary for the applicant to obtain a vendor quote 
and evaluate the cost effectiveness of a CO2 capture system.  As with all evaluations of 
economics, a permitting authority should explain its decisions in a well-documented 
permitting record.”91 


The GHG Guidance is consistent with the NSR Manual Guidance that “unusual circumstances 
may greatly affect the cost of controls in a specific application,” like acquiring water from a 
distant location in an arid region for a wet scrubber.92  But the Region has not provided any 
justification for any plant-specific unusual circumstances in this case that compare to building a 


87 SOB at 61.  
88 SOB at 60 (citing PSD and Title V Permitting Guidance for Greenhouse Gases (March 2011, EPA Document 
Number EPA-457/B-11-001 and In re City of Palmdale, PSD Appeal No. 11-07 (EAB Sept. 17, 2012)). 
89 Exhibit 7, In re City of Palmdale at 54 (emphasis added). 
90 Id. 
91 GHG Permitting Guidance, p. 42. (AR Doc #33) 
92 NSR Manual at B.44.   
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new pipeline to sequester CO2 or using a wet scrubber in an arid region.   In fact, there are no 
unusual circumstances here. 


The GHG Permitting Guidance does not and should not apply to NOX, as greenhouse gases and 
NOX are different pollutants, controlled by different methods that raise different cost issues.  
The control of CO2, the principal greenhouse gas, typically requires that it be removed from the 
exhaust gases and transported to a different site for beneficial use or storage, requiring 
separation, pipeline transport, and long-term storage.  Control of greenhouse gases is also 
relatively new, compared to the decades of experience controlling criteria air pollutants. 


The control of NOX, in comparison, requires in situ treatment of flue gases at the site.  The 
control proposed here, SCR, has been used for several decades to remove NOX from exhaust 
gases by converting it to nitrogen gas, an inert, nontoxic gas that is released into the 
atmosphere.  Thus, the additional costs associated with removing NOX from the gas stream, 
transporting it to an end use, and long-term storage at a remote site are not incurred.  No 
pipeline, capture equipment, or storage are required.  Further, SCR is a mature, widely used 
technology and comparative cost data is widely available.  At the time of initial Bonanza 
permitting in 2000, SCR was a mature technology, in widespread use in Europe, Japan, and the 
United States on many similar coal-fired power plants as well as other more complex sources.93   


The GHG-specific guidance regarding CO2 pipelines does not replace the EPA’s longstanding 
approach, summarized in the NSR manual, that a control is assumed to be cost effective if it is 
on the same order as costs previously borne by other similar sources adding the same control.94   


Finally, even if the GHG Permitting Guidance did apply (which it does not), the EPA’s analysis for 
Bonanza does not comply with the guidance. The GHG Guidance states, “As with all evaluations 
of economics, a permitting authority should explain its decisions in a well-documented 
permitting record.”  The EPA did not document why it “believes” the capital cost of 
$152,854,425 for SCR plus $7,076,000 for OFA and additional annual cost of $21,021,000 (which 
are overestimated as discussed elsewhere) “is too high to represent BACT for Bonanza Unit 


93 Exhibit 8, Hans Hartenstein, Control Technologies for the W. H. Sammis Plant, Expert Report prepared in United 
States et al v. Ohio Edison et al in the United States District Court for the Southern District of Ohio, Eastern 
Division, Civil Action No. C2-99-1181, Stratton, Ohio, October 2003, Section 7.1.2; Exhibit 9, IEA, Air Pollution 
Control Costs for Coal-Fired Power Stations, Chapter 3, 1995;  Howard N. Franklin and David P. Hannay, Coal Plants 
Report SCR Experience, April 1, 1998, Power Engineering, available at http://www.power-
eng.com/articles/print/volume-102/issue-4/features/coal-plants-report-scr-experience.html;  Exhibit 10, D.W. 
Bullock, and S.R. Taylor, Long-Term SCR Operating Experience at PG&E Generating’s Coal-Fueled Plants, ICAC 
Forum 2000, March 2000; Exhibit 11, J. Staudt, Status Report on NOX Control Technologies and Cost Effectiveness 
for Utility Boilers, Northeast States for Coordinated Air Use Management (NESCAUM) and Mid-Atlantic Regional 
Air Management Association (MARAMA), June 1998. 
94 NSR Manual at B.44. 
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1.”95  In contrast, in the City of Palmdale case, the EAB concluded: “Consistent with this 
guidance, the Region determined that the cost of CCS would be so high – twice the annual cost 
of the entire project – that it would clearly be cost prohibitive.”96  The EPA offers no 
comparison or justification whatsoever for concluding the capital cost of SCR is too high.  This is 
especially egregious as the SCR cost effectiveness estimated by EPA ($4,220/ton) falls well 
within the range of cost effectiveness values for SCR on other similar sources, as detailed 
below.  Moreover, correcting the calculations the Region used shows an even lower cost. 


EPA’s claim that comparative cost information is lacking here is also erroneous.97  EPA claims it 
“was unable to compile and analyze specific past PSD permit information regarding the costs 
that permitting authorities considered to be economically feasible or infeasible in BACT 
determinations for this type of source in 2000.”98   First, BACT analyses done for current 
permitting actions are to be done based on the cost effectiveness at the time of permitting, not 
retroactively.  Second, even if the appropriate analysis were to look at the cost effectiveness of 
SCR in 2000, as shown in comments below and in the attached exhibits, there is ample 
information available that shows the cost effectiveness of an SCR at Bonanza is well within an 
acceptable range when compared to similar sources.   


There is no basis in the law or EPA precedent for applying a less rigorous standard where there 
was a permitting error and applying a standardless test of whether the annualized cost is too 
high.  Especially when that permitting error was due to incomplete disclosure of relevant 
information by the permittee.   


In fact, EPA regularly rejects attempt to use such less effective pollution controls based on 
qualitative policy opinions.  For example, the United States Supreme Court affirmed EPA’s 
ability to reject the Alaska Department of Environmental Conservation’s BACT determination 
that costs of an SCR “imposed a disproportionate cost” on the source even though the cost 
effectiveness was in line with what other similar sources had incurred.99  


The Region’s approach here—using qualitative and standardless policy arguments to exclude a 
top-ranked control option whose costs are in line with what other source have incurred-- is 
contrary to the law, contrary to more than three decades of agency and judicial precedent, and 
turns the NOX BACT cost effectiveness determination on its head.  The Region should have 
conducted the NOX BACT analysis at the time it proposes to correct the “error”, which is current 
conditions, using the top-down BACT process, as laid out of in the NSR Manual and 


95 SOB at 61. 
96 Exhibit 7, In re City of Palmdale at 55. 
97 SOB at 60.   
98 Id. 
99 See generally Alaska Dep’t of Env. Cons. V. EPA, 540 U.S. 461 (2004). 
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supplemented by EPA guidance memoranda and case law.  A NOX BACT analysis that follows 
standard practice, as discussed below, demonstrates that SCR is easily cost effective and should 
be required as BACT.   


EPA has consistently advised that the best pollution control option must be disproportionately 
more expensive than other similar source categories to be determined not cost effective.100 As 
discussed below, EPA’s cost effectiveness numbers were well within the range of costs borne by 
other sources of the same type applying SCR.  For Bonanza, EPA calculated that LNB/OFA + SCR 
of $2,804 per ton of NOx removed and incremental cost effectiveness of $4,992 per additional 
ton of NOx removed by SCR.101  EPA’s own experts have testified that these numbers should be 
considered cost effective in 2000 and today. 


In fact, in 2010 Region 8 stated that “since SCR has been successfully applied worldwide to such 
a wide variety of sources, there is a presumption that it is both technically and economically 
feasible [at a coal-fired power plant in North Dakota].”102  Region 8 concluded that cost 
effectiveness of $4,822 per ton --$2,000 per ton greater than the $2,804 per ton at Bonanza --- 
“must result in a conclusion” that SCR is cost effective.  “It is clear that many other sources have 
borne costs that are more than this.”103 


VIII. The Region Failed to Compare the Current Cost Effectiveness of SCR at Bonanza to 
Other Current Projects 


In step 4 of the top-down BACT process, the energy, environmental, and economic impacts of 
each control option are evaluated.  The top control option, SCR in this case, can only be 
rejected with “a demonstration that circumstances exist at the source which distinguish it from 
other sources where the control alternative may have been required previously…In the absence 
of unusual circumstance, the presumption is that sources within the same category are similar 
in nature and that cost and other impacts that have been borne by one source of a given source 
category may be borne by another source of the same source category.”104  As to cost: “Cost 
effectiveness (dollars per ton of pollutant reduce) values above the levels experienced by other 
sources of the same type and pollutant, are taken as an indication that unusual and persuasive 
differences exist with respect to the source under view.”105   


100 See above section; see also NSR Manual at B.44. 
101 SOB at 59-60. 
102 Exhibit 12, May 10, 2010 EPA Comments on North Dakota BART at p. 29. 
103 Id. at p. 29; See p. 1-10 (listing BACT determinations). 
104 NSR Manual at B.29. 
105 Id. at B.31-32. 
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The Region did not follow this long-standing guidance in evaluating SCR for Bonanza.  First, it 
failed to compare the cost effectiveness of SCR at Bonanza to other current projects.  Second, it 
mismatches SCR cost data, reported in 2012 dollars, with purported cost effectiveness 
thresholds, in year 2000 dollars.  Each of these errors is discussed below. 


EPA has always held that a BACT determination must be made at the time a permit is issued, 
even if the modification triggering BACT review occurred in the past, and even if EPA is 
correcting a permitting error. The cost effectiveness of a BACT control option is a relative 
determination, based on costs borne by other similar projects, and a control can only be 
rejected for economic impacts if costs are outside of the range of the costs incurred at other 
similar facilities.  In order to make a proper comparison, the cost effectiveness of a project must 
be estimated in same way and at the same time as similar projects.  The cost comparison EPA 
proposes to do in this case (comparing cost effectiveness of year 2000 dollars to reject a cost 
reported in year 2012 dollars) is improper for several reasons.   


First, the Region proposes to deviate from standard practice to issue a permit today that 
“reflects BACT as it would have been in 2000…”106  Region 8’s approach cuts against 
longstanding precedent.  The Region’s rationale that it issued Bonanza’s 2001 permit in error is 
wrong and does not support its mismatched cost effectiveness approach here. 


It has long been EPA’s policy that a source constructed or modified without a proper 
preconstruction permit must install controls that constitute BACT when the proper permit is 
finally issued.107  EPA has asserted this position in its New Source Review (“NSR”) litigation in 
many similar cases that involve historic modifications that were not properly permitted.108  In 
those cases, EPA argued that when applicants fail to get a permit at the time of construction, 
regardless of circumstances, the controls should be subject to the regulations in place at the 
time that the owner applies for a permit, which is current conditions. 


106 SOB at 56. 
107 NSR Manual at B.54: “The BACT emission limit in a new source permit is not set until the final permit is issued.”; 
see also Exhibit 13, Report of Matt Haber: Best Available Control Technologies for the Baldwin Generating Station, 
Baldwin Illinois (April 2002), prepared for the United States in connection with Unites States v. Illinois Power 
Company and Dynergy Midewest Generation, Inc., (cv-99-833-MJR, S.D. IL) at p. 1, hereinafter (“Haber Expert 
Report 2002”). 
108 Exhibit 13, Haber Expert Report 2002, p. 5; Exhibit 16, Expert Report of Sam Portanova (April 2004), on behalf of 
the United States, New York and New Jersey in connection with United States v. Ohio Edison Co. (cv-C299-1181, 
S.D. OH E.D.) at pp. 6-7, hereinafter (“Portanova Expert Report 2004”). Exhibit 17, Non-confidential Excerpt of 
Expert Report of Phyliss Fox and Hal. W. Taylor (August 29, 2008), prepared on behalf of United States and Plaintiff 
Intervenors in United States v. Cinergy Corp. (cv-IP99-1693-C-M/S, S.D. IN Indianapolis Div.), hereinafter 
(“Fox/Taylor Expert Report”) at p. 32. 
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A 1998 EPA memorandum regarding NSR violations underscores EPA policy that the BACT 
determination “is made at the time a source goes through NSR permit review.  Thus, if a source 
violates NSR in 1995 (e.g., by constructing a major source without a major NSR permit) and 
finally applies for a permit in 1998, whatever technology is BACT….in 1998 should be required in 
the NSR permit.”109  That means that in this case, the appropriate analysis must compare 
current cost effectiveness of SCR at Bonanza Unit 1 with current cost effectiveness at other 
similar facilities using SCR to control NOx emissions.  And as SCR is a mature technology, used 
on hundreds of similar coal-fired boilers, it is per se cost effective unless unusual plant-specific 
circumstances are documented.  No unusual circumstances are documented. 


The EPA similarly argued to the EAB in In re Tennessee Valley Authority, CAA Docket No. 00-6, 
that a BACT determination must be made at the time the modification occurs, rather than at 
the time the permit is issued.110  The EAB agreed.111   


The Region attempts to carve out a distinction in this case by arguing a permitting “error” 
occurred and it is “undertaking the BACT analysis in a proposed PSD correction action to 
address a PSD permitting error…”112  However, EPA guidance also addresses this situation 
explicitly: “In the process of reevaluating BACT [in the case of correcting an error], current BACT 
technology and requirements must be considered.”113 Moreover, the permitting “error” in this 
case was caused in significant part by misleading and incomplete information from Deseret 
regarding the true impacts of the Project on annual heat input.  Allowing sources to submit 
erroneous and incomplete information, obtain favorable but erroneous permits as a result, and 
then receive favorable assumptions once the permit error is fixed is inequitable to the public 
and to sources that honestly and fully disclose information during permitting.  Additionally, 
Deseret has had the economic benefit of operating without the appropriate BACT limits for 
over 14 years.  The time value of the cost it would have incurred to comply with PSD in 2000 
means that even when it is made to install SCR now, it is better off financially than if it had been 
required to comply in 2000.  In other words, Deseret is already benefitting from its permitting 
misdirection compared to other sources who complied with PSD, and EPA need not further 
reward it now. 


109 Exhibit 18, Memorandum from Eric V. Schaeffer, Director, Office of Regulatory Enforcement, U.S. EPA, Re: 
Guidance on the Appropriate Injunctive Relief for Violations of Major New Source Review Requirements, 
November 17, 1998 at p. 6. 
110 EPA Enforcement’s Post-Hearing Reply Brief at 64-65, CAA Docket No. 00-6 (Aug. 11, 2000).  
111 See In re Tennessee Valley Authority, 9 EAD 357, 468 n. 127, 479-80 (EAB 2000). 
112 SOB at 60. 
113 Exhibit 19, Memorandum from Gary McCutchen, Chief, New Source Review Section, to Michael Trunta, Air 
Toxics Program Section, Re: Request for Determination on Best Available Control Technology (BACT) Issues – 
Ogden Martin Tulsa Municipal Waste Incinerator Facility, November 19, 1987. (AR Doc. # 04) 
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Second, the Region erroneously estimated cost effectiveness in current dollars and proposed to 
evaluate whether they fall within the range of SCR costs as of 2000 when the Project was 
permitted without BACT controls.  This mismatch of time periods is not supported by any 
guidance or historic practice.  There is no regulatory, statutory, or guidance that supports using 
different dates for control costs and the cost data used to evaluate their cost effectiveness.  
This is clear error.   


The Region estimated an average cost effectiveness of $2,804/ton and an incremental cost 
effectiveness of $4,992/ton in current 2012 dollars.  Rather than using the right approach of 
comparing current cost effectiveness with current cost effectiveness values for similar projects 
using the same pollution controls to reduce NOx emissions (which also happened to be much 
higher (ranging up $24,500/ton) and more readily available than data for 2000114) Region 8 
purports to compare 2012 costs for SCR to 2000 cost effectiveness values for similar facilities. 
Comparing data from a span of 12 years is the wrong approach to cost effectiveness.   


Third, the Region also claims it “was unable to compile and analyze specific past PSD permit 
information regarding the costs that permitting authorities considered to be economically 
feasible or infeasible in BACT determinations for this type of source in 2000.”115  In fact, as we 
demonstrate in these comments, “past PSD permit information…for this type of source in 2000” 
was available. The Region could have compared 2000 SCR costs with 2000 cost effectiveness 
values from other facilities using SCR at that time.  Though Region 8’s approach here is legally 
flawed, and we urge the Region to undertake the proper comparison to current similar projects, 
Region 8 should have found SCR is cost effective regardless of which comparison is used. 


Indeed, EPA wrote to Ronald Gore, Alabama Department of Environmental Management, in 
January, 1998, to disagree with both the analysis and the conclusions regarding cost 
effectiveness analysis for establishing BACT for NOx that the Region attempts to apply here.  In 
that letter, EPA specifically rejected the attempt to find a control not cost effective where other 
facilities were using the control option at a similar cost and the attempt to use only incremental 
cost instead of total (i.e., average) cost:116 


114 See Attachment A and San Joaquin Valley Air Pollution Control District, Final Staff Report, Update to Rule 2201 
Best Available Control Technology Cost Effectiveness Thresholds, May 14, 2008, Available at: 
https://www.valleyair.org/busind/pto/bact/May%202008%20BACT%20cost%20effectiveness%20threshold%20upd
ate%20staff%20report.pdf. 
115 SOB at 60. 
116 Exhibit 20, Letter from R. Douglas Neeley, USEPA, to Ronald W. Gore, ADEM, Re: PSD Permit for Alabama 
Power, Olin Cogeneration Facility, McIntosh, Alabama (SPD-AL-187) (January 15, 1998), hereinafter (“Neeley 
Letter, 01/15/98”). 
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IX. The Region’s Analysis Ignored Cost Effectiveness 


The Region estimated the average cost effectiveness of LNB/OFA + SCR as $2,804 per ton of 
NOX removed and the incremental cost effectiveness of LNB/OFA compared to LNB/OFA + SCR 
as $4,992 per additional ton of NOX removed by SCR.117  The Region also asserts that 
$4,992/ton incremental cost effectiveness value is equal to the average cost effectiveness of 
SCR calculated using the IPM cost spreadsheet.118  Region 8 then disregards these cost 
effectiveness estimates and argues that the “capital cost” of SCR -- $152,865,465 plus 
$7,076,000 for OFA and the additional annual cost of $21,021,000 are “too high to represent 
BACT for Bonanza Unit 1.”119   


117 SOB at 60. 
118 SOB at 60. See also IPM SCR Cost – pdf of Excel spreadsheets, Prepared by EPA for the Draft PSD Correction 
Permit for Bonanza Unit 1, Nov. 17, 2014 (AR Doc #60) (hereinafter “IPM Spreadsheets”). 
119 SOB at 61. 
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This standardless policy conclusion conflicts with the established BACT cost analysis procedures 
and with EPA precedent.  Both the costing methodology and criteria used to judge cost 
acceptability are inconsistent with regulations, guidance, and a long line of EPA decisions in 
other cases, as explained above.  SCR is currently a cost effective, mature NOX control 
technology, and was in 2000, and should be required as BACT for NOX at Bonanza Unit 1. 


Although the SOB indicates that “EPA has generally tried to determine whether the costs 
associated with a control options [sic] for the facility under consideration are outside the range 
of costs borne in other recently-issued PSD permits for similar types of facilities,”120  Region 8 
did not make a serious attempt to determine if this condition was met.  Rather, it appears to 
have backed into a predetermined outcome avoiding additional pollution controls at the 
Bonanza plant for political expediency.  A cursory review of the literature would have indicated 
that the estimated cost effectiveness for the Bonanza SCR is well within the range of SCR cost 
effectiveness values estimated prior to 2000 for the entire fleet of coal fired power plants121 as 
well as within the range of cost effectiveness values estimated as BACT for SCR and LNB/OFA + 
SCR on similar coal-fired boilers.  Indeed, EPA’s own experts have been opining in NSR litigation 
for more than a decade that SCR was cost effective at higher costs and in earlier years than the 
Region’s analysis for Bonanza.   


X. There is a Rebuttable Presumption that SCR is Cost Effective and the Region has not 
Rebutted this Presumption 


When a technology is widely used, as SCR is, the control can only be eliminated on economic 
grounds when “unusual” site-specific circumstances that are documented in the record.  The 
NSR Manual states that “if the cost of reducing emissions with the top control alternative, 
expressed in dollars per ton, is on the same order as the cost previously borne by other sources 
of the same type in applying that control alternative, the alternative should initially be 
considered economically achievable, and therefore acceptable as BACT.”122  In fact, if a 
technology is mature and in widespread use, it is a rebuttal presumption that it is per se cost 
effective without having to prepare a cost effectiveness analysis. 


Region 8’s record in the Bonanza case does not contain any analysis of comparative cost 
differences or unusual circumstances to rebut the presumption that SCR is cost effective. The 
Region merely asserts that it was unable to find past PSD permits cost information, without 


120 SOB at 60. 
121 Exhibit 93, Thomas E. Emmel and Mehdi Maibodi, Retrofit Costs for SO2 and NOX Control Options at 200 Coal-
Fired Plants, EPA Report EPA/600/7-90/021a, November 1990, Figure 1-24; Exhibit 21, Thomas E. Emmel and 
Mehdi Maibodi, Retrofit Costs for SO2 and NOX Control Options at 200 Coal-Fired Plants, EPA Report EPA/600/S7-
90/021, March 1991 at Figure 26. 
122 NSR Manual at B.44. 
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even disclosing where it looked.  In fact, in both 2000, when the Project was initially permitted, 
and today, when a revision is proposed, SCR was a mature technology that had been required 
as BACT and had been widely and successfully used on many similar coal-fired boilers.  And as 
we summarize in Attachment A in these comments we had no trouble finding supporting cost 
information. Instead of properly comparing similar cost data, the Region arbitrarily jumps to the 
preconceived conclusion that the capital costs are “too high to represent BACT.”  Region 8’s 
approach is wrong and as a result, its conclusions are wrong. 


Where costs are within the range of normal costs for a control, as SCR is in this case, it may only 
be eliminated if the control “has not been required as BACT (or its application as BACT has been 
extremely limited) and there is a clear demarcation between recent BACT control costs in that 
source category and the control costs for sources in that source category which have been 
driven by other constraining factors (e.g., need to meet a PSD increment or a NAAQS.).”123  This 
exception does not apply here, as SCR had been required as BACT in many prior and 
contemporaneous cases in 2012 and 2000.124   


For example, in 1998, EPA Region 5 wrote the Ohio Environmental Protection Agency that: 


“before a BACT control option that has been demonstrated successful in practice can be 
rejected from consideration, the application must demonstrate in the public record that, 
‘circumstances exist at the source which distinguish it from other sources where the 
control alternative may have been required previously…In the absence of unusual 
circumstances, the presumption is that sources within the same category are similar in 
nature and that cost and other impacts that have been borne by one source of a given 
source category may be borne by another source of the same source category.’  This 
means that, in the absence of a unique technical demonstration, if nitrogen dioxide 
from an annealing furnace is controlled by SCR at another source, then Pro-Tec should 
be expected to use that technology at their annealing furnace.”125 


This letter goes on to state that “…a simple rejection of that cost level [$5,727/ton] because it is 
too high is not an accepted basis for such rejection.”126   


In another 1998 EPA letter, Region 4 explained in correspondence with the Alabama Dept. of 
Environmental Management regarding a pending BACT analysis: 


123 Id. at B.45. 
124 Exhibit 14, Haber Expert Report 2002, Appendix A, Table 10; Exhibit 15, Haber Expert Report 2002, Appendix B. 
125 Exhibit 22, Letter from Cheryl Newton, Chief, Permits and Grants Section, Region 5, to Robert Hodanbosi, Chief, 
Division of Air Pollution Control, Ohio Environmental Protection Agency, March 20, 1998, hereinafter (“Newton 
Letter, 03/20/98”) (emphasis added) 
126 Newton Letter, 03/20/98 at p. 2. 
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“The appropriate use of economics in the BACT analysis is based on the rebuttable 
presumption that if sources within a specific industry are utilizing a control device, then 
the cost of that control is reasonable for that industry.  The economic analysis provided 
by the applicant should focus on those costs which would differentiate an individual 
source from similar sources….In any case, the use of an arbitrary “bright line” cut-off for 
determining what is economically reasonable conflicts with the statutory requirement 
that a determination of BACT for a particular source be done on a case-by-case basis.  
This is why the Agency has not specified any maximum cost which should be considered 
unacceptable or framed any such range of costs for making such determinations.  
Although we have indicated in past correspondence that $4,000 to $5,000/ton is 
generally considered to be an acceptable cost for the control of NOX emissions, we have 
not specified any maximum cost which should be considered to be unacceptable and 
have no intention of doing so.”127  


Further, in 1999, EPA Region 5 explained to the Michigan Department of Environmental Quality 
that: 


“…where controls have been effectively employed in the same source category, the 
economic impact of such controls on the particular source under review should not be 
nearly as pertinent to the BACT decision making process.  Thus, where controls have 
been successfully applied to similar sources in a source category, an applicant should 
concentrate on documenting significant cost differences, if any, between the application 
of the controls on those sources and the particular source under review.”128 


In 2010, EPA Region 8 wrote to the North Dakota Department of Health regarding NOX BACT for 
the Milton R. Young Station as follows: 


The NSR Manual is used nationwide in PSD permitting decisions and provides that, “if 
the cost of reducing emissions with the top control alternative, expressed in dollars per 
ton, is on the same order as the cost previously borne by other sources of the same type 
in applying that control alternative, the alternative should initially be considered 
economically achievable, and therefore acceptable as BACT.”129 


127 Exhibit 20, Neeley Letter, 01/15/98 at p. 2.  
128 Exhibit 23, Letter from Robert B. Miller, Chief, Permits and Grants Section, U.S. EPA Region 5, to Lynn Fiedler, 
Supervisor, Permit Section, Michigan Department of Environmental Quality, October 6, 1999 at p. 3. 
129 Exhibit 24, Letter from Andrew M. Gaydosh, Assistant Regional Administrator, Office of Enforcement, 
Compliance and Environmental Justice, to Terry O’Clair, Director, Division of Air Quality, North Dakota Department 
of Health, Re: EPA’s Comments on the North Dakota Department of Health’s April 2010 Draft BACT Determination 
for NOX for the Milton R. Young Station, May 10, 2010 at p. 2. 


30 
 


                                                           







In 2002, Matt Haber, EPA Region 9’s BACT expert, explained in an expert report prepared for 
the U.S. Department of Justice in an NSR enforcement case: “The focus of the economic cost 
portion of the BACT analysis is to ensure that a permit applicant may propose elimination of a 
control option if its costs for that option are disproportionately high compared to other sources 
using that control option, or the cost for that control alternative is significantly higher than the 
range of costs associated with BACT costs for that type of facility or BACT in general.”130 


Region 8 asserts that this long-standing approach is not warranted in this case as “EPA is 
undertaking the BACT analysis in a proposed PSD correction action today to address a PSD 
permitting error that occurred in a permit issued (and for a project completed) more than 14 
years ago, because such comparisons have little relevance.”131   In fact, this was precisely what 
Mr. Haber was doing in his 2002 expert report and what many other experts have done in 
similar expert reports, in support of EPA NSR enforcement cases.132  


Cost considerations in determining BACT must be expressed primarily in terms of average cost 
effectiveness.133, 134  A second cost analysis, based on incremental cost effectiveness, is the 
dollars per ton cost of additional emissions removed compared to the next less effective control 
option. In this case, the to-ranked BACT control option is LNB/OFA plus SCR.  The next most 
effective control would be LNB/OFA + SNCR.135  However, the SOB estimated the “incremental” 
cost effectiveness of SCR compared to the baseline of LNB/OFA as $4,992/ton.136  This 
effectively excluded the intervening control option (SNCR) and instead of calculating the 
“incremental cost effectiveness,” calculated the two-increments cost effectiveness.  Thus, this 
is not “incremental” cost effectiveness. Regardless, incremental cost effectiveness is the wrong 
metric to use to reject a widely used control technology such as SCR. 


As explained by Mr. Portanova, EPA Region 5’s NSR/PSD expert:  


130 Exhibit 13, Haber Expert Report 2002, p. 10. 
131 SOB at 60. 
132 Exhibit 17, Fox/Taylor Expert Report. 
133 Incremental cost effectiveness is an optional consideration that must always be paired with average cost 
effectiveness.  NSR Manual at B.41 (“incremental cost effectiveness should be examined in combination with the 
total cost effectiveness in order to justify elimination of a control option.”), Id. at B.43 (“As a precaution, 
differences in incremental costs among dominant alternatives cannot be used by itself to argue one dominant 
alternative is preferred to another.”).  The use of incremental cost effectiveness is limited. It is only used to 
compare “dominant” alternative pollution control options. Id. at B.43. The consideration of incremental cost 
effectiveness is not to be used to reject an option merely because it costs more—even if it costs twice as much—as 
the next dominant alternative.  Id. 
134 Id. at B.36; see, also, In re Inter-Power of New York, Inc., 5 E.A.D. at 136. 
135 SOB at 54 (Table 3). 
136 SOB at 59 (Table 4). 
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The economic impact portion of the BACT analysis should not focus on 
inappropriate factors or exclude pertinent factors, as the results may be 
misleading.  For example, undue focus on incremental cost effectiveness can give 
an impression that the cost of a control alternative is unreasonably high, when, 
in fact, the cost effectiveness, in terms of dollars per ton removed [i.e., average 
cost effectiveness], is well within the normal range of acceptable BACT costs… In 
my experience at U.S. EPA, we have not accepted the rejection of a control 
option that was based solely on incremental cost effectiveness.  We consider 
total cost effectiveness to be an essential factor in determining the cost 
effectiveness of a control options.137 


Here, applying the EPA’s longstanding practice means that the Region should not reject SCR 
based solely on incremental cost-effectiveness (even if it had correctly calculated that value) 
where the average cost effectiveness is well within the range of acceptable costs. 


XI. LNB/OFA + SCR and SCR Were Cost Effective in 2000 and Currently 


Instead of using the appropriate “fall within the range” method of establishing cost 
effectiveness, or demonstrating unusual circumstances in the face of widespread SCR use, the 
Region baldly asserts that “given the gap in time from the 2000 analysis period to the present 
day permitting action, EPA was unable to compile and analyze specific past PSD permit 
information regarding the costs that permitting authorities considered to be economically 
feasible or infeasible in BACT determinations for this type of source in 2000.”138  However, 
Region 8 did not document where it looked.  As we explain below, Region 8 apparently did not 
look in the right places, or consult their own experts. 


The SOB identifies only five (of the many) SCRs that were operating before Bonanza was 
permitted in 2000139 but fails to report associated cost effectiveness determinations, previously 
summarized by its own BACT expert for four of these units.140   


We were able to compile relevant cost effectiveness information circa 2000, summarized in 
Attachment A.  This information demonstrates that the EPA and state regulatory agencies 
considered average costs within the range of $934/ton to $22,000/ton and incremental cost 
effectiveness of $1,332/ton to $57,200/ton to be cost effective for SCR around the time the 
Project was permitted in 2000.  The EPA’s own BACT expert in an NSR case summarized BACT 
cost effectiveness determinations made for SCR and LNB/SCR on coal-fired boilers around the 


137 Exhibit 16, Portanova Expert Report 2004 at pp. 8-9. 
138 SOB at 60. 
139 SOB at 64-68 (Table 8). 
140 Exhibit 14, Haber Expert Report, 2002, Appendix A, Table 10. 
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time the subject Project was being permitted.  This information is presented here directly from 
Mr. Haber’s expert report: 


Table 2.141


 


In his expert report in the Baldwin NSR case, Mr. Haber concluded that SCR would have been 
BACT for NOX and was cost effective for Baldwin Unit 1 (584 MW) in 1985 ($1,368/ton), for 
Baldwin Unit 2 (587 MW) in 1988 ($959/ton),142 and for both units in 2001 ($842/ton - 
$877/ton).143   


In assessing the cost effectiveness of SCR, Mr. Haber relied on three things in his analyses: (1) 
BACT determinations for SCR made by the New Jersey Department of Environmental Project in 
1990 and 1991 of $13,200/ton; (2) NOX control costs for rules adopted by the SCAQMD in 1983 
and 1986 to bring the District into compliance with the NO2 NAAQS, ranging from $700/ton to 
$7,600/ton in 1987 dollars; and (3) 2001 EPA guidance for presumptive BACT for NOX at 
refineries being modified to meet EPA mandates for making cleaner burning gasoline, which 
used $10,000/ton as an upper bound for BACT cost effectiveness.144  Mr. Haber adjusted 


141 Exhibit 14, Haber Expert Report 2002, Appendix A, Table 10. 
142 The Baldwin plant consisted of three coal-fired boilers, each with a capacity of about 585 MW that combusts 
Illinois coal. 
143 Exhibit 13, Haber Expert Report 2002 at p. 44; Exhibit 14, Haber Expert Report, 2002, Appendix A. 
144 Id. at, pp. 29, 37, 44. 
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thresholds to the year of use in his BACT determinations.145 This information has been relied on 
by other experts representing EPA in other NSR enforcement cases.146 


Mr. Haber further elaborated that the $10,000/ton “presumptive threshold” used for refineries 
is relevant for BACT cost effectiveness determinations for coal-fired power plants in a follow-up 
supplemental and rebuttal report where he explained, among other reasons, that in 1997, 
President Clinton had issued guidance related to the implementation of new ambient air quality 
standards that “…$10,000 per ton of emission reductions is the high end of the range of 
reasonable cost to impose on sources.”147  Wisconsin’s Department of Natural Resources also 
uses a $10,000/ton threshold to evaluate BACT cost effectiveness: 


In a traditional BACT analysis, most cost per ton determinations are found to be 
economically infeasible above a level of approximately $10,000 per ton.  This cost has 
been higher in non-attainment areas and in states with pollutant transport concerns.  
However, this is for the traditional criteria pollutants (NOX, SO2, CO, PM10 and VOC).148 


In fact, those numbers are more than ten years old, meaning they are almost certainly higher 
today.  Similarly, the EPA recently used the $10,000/ton threshold to justify rejecting a 
requirement to install SCR on fluidized catalytic cracking units at refineries. 79 Fed. Reg. 
36932149.  This threshold, adopted initially in 1997, is $17,074/ton in 2012 dollars.150  Although 
a generic cost threshold is not, by itself, sufficient to justify rejecting a top-ranked control 
option where other sources are using the same control option, it is instructive that rule of 
thumb thresholds being used as screens in various permitting actions are much higher than the 
SCR for the Bonanza plant at issue here. 


Adjusting the cost effectiveness range relied on by Mr. Haber to year 2000 dollars using the 
Chemical Engineering Plant Cost Index (“CEPCI”) as reported in the journal, Chemical 
Engineering, yields a range of $800/ton to $14,700/ton.151  Adjusting them to 2012 dollars using 


145 Exhibit 14, Haber Expert Report, Appendix A. 
146 Exhibit 25, See, e.g., Expert Report of Ron Sahu (October 2003), Prepared on behalf of the United States, New 
York, New Jersey, Connecticut  in: United States et al v. Ohio Edison et al. (cv-C2-99-1181, S.D. OH E.D) at pp. 34-
35. 
147 Exhibit 26, Matt Haber, Supplemental and Rebuttal Report, October 2002, pp. 9-10. 
148 Exhibit 27, Wisconsin Department of Natural Resources (WDNR), Analysis and Preliminary Determination for the 
Construction and Operation Permits for the Proposed Construction of a 500 MW Pulverized Coal Electric 
Generation Facility for Wisconsin Public Service Corporation – Weston Power, July 12, 2004. 
149 40 CFR Parts 60 and 63 Petroleum Refinery Sector Risk and Technology Review and New Source Performance 
Standards” at 79 FR 36880, June 30, 2014. 
150 Using CEPCI to adjust to 2012 dollars: (10,000)(584.6/342.4) = $17,074/ton. 
151 Costs adjusted using CEPCI indices: 700(394.1/344.9) = $800/ton;  13,200(394.1/353.9) = $14,700/ton. 
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CEPCI yields a range of $1,186/ton to $22,373/ton.152  The cost of the SCR at Bonanza is not 
only well within this range, but towards the extreme low end of the range. 


Experience outside of the United States should also be considered in establishing BACT.153  The 
International Energy Agency (IEA) summarized the cost effectiveness of 24 SCRs on new and 
existing coal-fired boilers in 1991 dollars, reporting a range of $1,216/ton to $4,681/ton.  This 
summary is reproduced here as Table 3.   


The EPA average cost effectiveness estimate for SCR at Bonanza of $4,992/ton falls within the 
range of control costs at similar facilities that was found to be cost effective circa 2000, based 
on Attachment A and Table 3.  Thus, even if one compares current average (or incremental) 
cost effectiveness of SCR of $4,992/ton with cost effectiveness values considered to be 
acceptable for SCR circa 2000, which is the wrong approach, SCR is still highly cost effective.  
Further, if this range is adjusted to 2012 dollars, the acceptable cost effectiveness range would 
be even higher.  Thus, SCR cannot be eliminated based on cost.  


 


 


 


 


 


 


 


 


 


 


 


 


152 Costs adjusted using CEPCI indices: 700(584.6/344.9) = $1,186/ton; 13,200(584.6/353.9) = $22,373/ton. 
153 NSR Manual at B.11. 
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Table 3.  Historic Cost of NOX Control Using SCR154 


 


Escalating the 1991 cost effectiveness values summarized in the Table to 2012 dollars used by 
EPA to estimate cost yields a range of $2,009/ton to $7,732/ton.155  The SCR cost effectiveness 
estimated in the SOB in 2012 dollars ($4,992/ton) falls at the midpoint ($4,629/ton) of the 2012 
dollar range.   


 


 


154 Exhibit 28, Mitsuru Takeshipa, Air Pollution Control Costs for Coal-Fired Power Stations, Perspectives, IEA Coal 
Research Report IEAPER/17, January 1995, hereinafter (“Mitsuru Coal Research Report”). 
155 Lower end of range adjusted from 1991 to 2012 dollars using CEPCI: $1,216/ton(584.6/353.9) = $2,009/ton.  
Upper end of the range adjusted from 1991 to 2012 dollars using CEPCI: $4,681/ton(584.6/353.9) = $7,732/ton. 
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XII. SCR Has Been In Widespread Use Since before 2000 


In the U.S., the first SCR on a new coal-fired boiler (Chambers Cogeneration aka Carneys Point, 
NJ) was permitted in 1993 and started operating in 1994.156  Also in the U.S., the first SCR 
retrofit on a coal-fired boiler was permitted in 1994 and started operating in 1995 (Merrimack 
Unit 2, NH).157   By 2000, in the U.S. alone, 16 coal-fired boilers, rated at 6,222 MW, were 
operating with SCR and many others were being permitted.158  Other sources of data indicate 
13,277 MW of coal-fired capacity had been permitted for retrofit with SCR and 2,575 MW of 
SCR was operating on coal-fired boilers by 2000.159  Some of these early SCR installations are 
discussed in the ICAC Forum 2000 NOX on Cutting NOX Emissions. Exhibits 31 to 44 summarize 
SCR installations by date in the United States, Germany,160 Japan, and elsewhere.161   


The SOB identifies only five (of the many) SCRs that were operating before Bonanza’s 
ruggedized rotor project in 2000162 but fails to report associated cost effectiveness 
determinations, previously summarized by EPA’s own BACT expert for four of these units.163  
Many of the operating SCRs on coal-fired boilers at the time of the Bonanza major modification 
are described in the Institute of Clean Air Companies (ICAC) “ICAC Forum 2000 Cutting NOX 
Emissions”, e.g., Carneys Point, Logan, Indiantown, Paradise Unit 2, New Madrid Unit 2, and 
AES Somerset.164    


156 Exhibit 29, Paul Wagner, Douglas Bullock, Ralf Sigling, and Robert Johnson, Selective Catalytic Reduction: 
Successful Commercial Performance on Two U.S. Coal-Fired Boilers, EPRI 2001. 
157 Exhibit 30, J.E. Cichanowicz and L.J. Muzio, Twenty-Five Years of SCR Evolution: Implications for US Application 
and Operation, Figure 1, Proceedings of the EPRI/EPA/DOE Mega-Symposium, Chicago, Ill, August 2001. 
158 Institute of Clean Air Companies (ICAC), Selective Catalytic Reduction (SCR) Control of NOX Emissions from Fossil 
Fuel-Fired Electric Power Plants, White Paper, May 2009, Appendix 1: U.S. Utility Application of SCR, available at 
http://c.ymcdn.com/sites/www.icac.com/resource/resmgr/Standards_WhitePapers/SCR_WhitePaper_final_2009.
pdf. 
159 Exhibit 94, J.E. Cichanowicz, L.J. Muzio, and M.C. Hein, The first 100 GW of SCR in the U.S. – What Have We 
Learned, Mega Symposium, August 28-31, 2006, Paper 129, Figure 1 (114+346+811+1,304+10,702=13,277). 
160 Exhibit 31, Heinz Gutberlet, Operating Experiences and Process Optimization of the High-Dust DeNOX Systems at 
2000 MW Staudinger Power Station of PreussenElektra AG, PowerPlant Chemistry 1999, vol. 1, no. 3. 
161 Exhibits 32-34, McIlvaine Company, U.S. Utility Plans, Installation and Component Suppliers, United States, 
Germany, Japan, and Several Countries; Exhibit 35, Alstom Reference List; Exhibit 36, Argillon Reference List; 
Exhibit 37, Fisia Babcock References; Exhibit 38, Babcock-Hitachi NOX Removal Coal Plant Supply List; Exhibit 39, 
Ceram Reference List; Exhibit 40, Cormetech, Inc. SCR Experience Overview List, March 2007; Exhibit 41, Haldor 
Topsoe SCR DeNOX Technology and Catalyst Application Index; Exhibit 42, Hitachi NOX Removal Coal Plant Supply 
List, October 17, 2006; Exhibit 43, Mitsubishi SCR System Supply List (All Plants), June 2005; Exhibit 44, Siemens 
Reference List, 2003. 
162 SOB at 64-68 (Table 8). 
163 Exhibit 14, Haber Expert Report, 2002, Appendix A, Table 10. 
164 Exhibit 45, Institute of Clean Air Companies (ICAC), ICAC Forum 2000 Cutting NOX Emissions: Operating 
Experience for Reducing NOX Emissions, March 23-24, 2000. 
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The U.S. EPA published a SCR costing report in October 2001, based on experience gained from 
over 200 prior SCR applications, ranging from 100 MW to about 850 MW with design 
efficiencies greater than 80% up to 95% NOX removal.  The EPA noted: 


SCR has been applied to stationary sources, fossil-fuel-fired combustion units for NOX 
emission control since the early 1970s and is currently being used in Japan, Europe, and 
the United States…  It has been applied to large utility and industrial boilers, process 
heaters, and combined cycle gas turbines.  In the United States, SCR has been applied 
mainly to electrical utility boilers firing coal and natural gas ranging in size from 25 to 
800 megawatts (MW).165 


In fact, the IEA wrote in 1995 that SCR’s “development started in the mid-1960s.  Since then, 
more than 400 SCR units have commenced commercial operation on coal-, oil-, gas-fired boilers 
in many countries.  Of these, 230 units have been installed on coal-fired power stations on a 
total capacity of over 65 GWe (IEA Coal Research 1994b).”166  These 200 to 400 SCR applications 
identified by the EPA and IEA all would have been permitted around or prior to Bonanza Unit 1 
in 2000. 


Further, a review of planned SCR installations by major utilities around the time of the subject 
modification, prepared by Stone & Webster for American Electric Power, indicates that many 
major utilities were planning to install SCR as it was required to meet the NOX SIP call and 
federal ozone standards and it was cost effective.167 Many similar coal-fired boilers control NOX 
using SCR today. 


  


165 Exhibit 46, D. Foerter and W. Jozewicz, Cost of Selective Catalytic Reduction (SCR) Application for NOX Control 
on Coal-Fired Boilers, Report EPA-600/R-01-087, October 2001. 
166 Exhibit 28, Mitsuru Coal Research Report.  
167 Exhibit 47, Direct Testimony of James J. Youmans in the Matter of the Application of Kentucky Power Company 
d/b/a American Electric Power for Approval of an Amended Compliance Plan for Purposes of Recovering the Costs 
of New and Additional Pollution Control Facilities and to Amend its Environmental Cost Recovery Surcharge Tariff, 
September 30, 2002, at pdf 46-48.  
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Figure 1. Historical SCR Capacity: 


Cumulative Installed SCR Capacity (MW).168 


 


 


The widespread use of SCR circa 2000, and the additional installations since then, constitutes a 
rebuttable presumption that since before 2000 SCR was (and still is) cost effective, absent a 
demonstration of unusual cost circumstances specific to the Bonanza plant that make cost of 
control higher on a $/ton basis than elsewhere.  The record does not identify any such unusual 
circumstances. 


XIII. Region 8 Wrongfully Rejected SCR based on Total Capital Cost  


The Region rejects SCR based on capital cost, arguing that “we believe the capital cost of 
$152,865,425 for SCR – in addition to the $7,076,000 for the addition of OFA which computes 
to $21,021,000 of additional cost per year (Total Annualized Cost) – is too high to represent 
BACT for Bonanza Unit 1.”169  This does not constitute unusual circumstances that could rebut 
the widespread use of SCR circa 2000, or under current conditions.  Total capital cost is the 
wrong metric to evaluate cost effectiveness, especially when a control is well established and in 


168 Exhibit 48, J. Edward Cichanowicz, Current Capital Cost and Cost-Effectiveness of Power Plant Emissions Control 
Technologies, Prepared for Utility Air Regulatory Group, Submitted to Colorado PUC, January 2010, Figure 2-4, 
hereinafter (“Cichanowicz, Current Capital Cost and Cost Effectiveness”). 
169 SOB at 61. 
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widespread use.  Compliance with the Clean Air Act will have a cost.  BACT level control is not 
intended to be free, nor to be inexpensive on absolute terms.  The Region does not provide any 
support for its belief that the capital costs of SCR at Bonanza Unit 1 would be too high in the 
relevant BACT cost effectiveness inquiry.  The Region’s “belief” in this case is inconsistent with 
EPA established practice, with agency guidance (including the NSR Manual), with other Regions 
and state permitting agencies around the time the Project was permitted and continuing 
through the present. 


The NSR Manual, for example, notes that  


[T]he capital cost of a control option may appear excessive when presented by itself or 
as a percentage of the total project cost.  However, this type of information can be 
misleading.  If a large emissions reduction is projected [as here: 4,211 ton/yr by SCR and 
7,820 ton/yr by LNB/OFA + SCR], low or reasonable cost effectiveness numbers may 
validate the option as an appropriate BACT alternative irrespective of the apparent high 
capital costs.  In another example, undue focus on incremental cost effectiveness can 
give an impression that the cost of a control alternative is unreasonably high, when, in 
fact, the cost effectiveness, in terms of dollars per total ton removed, is well within the 
normal range of acceptable BACT costs.170     


Similarly, Mr. Haber, EPA Region 9’s BACT expert, explained in a similar case that “Economic 
impacts are considered in terms of dollars per ton of pollutant removed.  This factor is known 
as ‘cost effectiveness.’  Using this common unit of measurement facilitates a comparison of 
similar data across technology options.  Other measures, such as dollars invested in control 
equipment compared to fraction of total capital investment, or dollars per unit of product, 
should not be used in BACT determinations.”171  The EPA’s approach in the Bonanza case makes 
both of these errors – it rejects SCR as not cost effective based on absolute capital cost 
numbers, alone, and rejects SCR based solely on incremental, rather than average, cost 
effectiveness.   


When determining if a pollution control option has sufficient adverse economic impacts to 
justify rejecting that option, a permitting agency must determine that the cost-per-ton of 
emissions reduced is disproportionately higher than “the cost [] borne by other sources of the 
same type in applying that control alternative.”172    


170 NSR Manual at B.45-.46. 
171 Exhibit 13, Haber Expert Report 2002 at pp. 9-10. 
172 NSR Manual at B.44; see also In re Steel Dynamics, Inc., 9 E.A.D. at 202; In re Inter-Power, 5 E.A.D. at 135 (“In 
essence, if the cost of reducing emissions with the top control alternative, expressed in dollars per ton, is on the 
same order as the cost previously borne by other sources of the same type in applying that control alternative, the 


40 
 


                                                           


 







This high standard for eliminating a feasible BACT technology exists because the collateral 
impacts analysis in BACT step 4 is intended only as a safety valve for when impacts unique to 
the facility make application of a technology inapplicable to that specific facility. The Region 
inappropriately asserts the total cost of SCR and OFA “is too high to represent BACT for 
Bonanza Unit 1” without providing any justification whatsoever.  To reject SCR as NOX BACT 
requires a demonstration that the costs of pollutant removal are disproportionately high for the 
specific facility compared to the cost of control at other facilities.  


The assertion that capital costs are too high is unsupported.  Too high compared to what?  It is 
not high compared to other coal fired power plants that have installed SCR technology to 
reduce NOx emissions.  In fact, the SOB does not even mention capital cost estimates for SCR 
proposed for other similarly situated coal fired boilers.173  The SOB’s blanket and unsupported 
assertion that SCR simply costs too much is not sufficient to eliminate the most effective 
feasible control technology.174  


The Region’s basis for rejecting SCR at Bonanza rests solely on absolute capital cost of SCR plus 
OFA.  The Region made no attempt to demonstrate that the estimated costs are too high to 
constitute NOX BACT based on cost effectiveness in dollars per ton.  The Region’s analysis does 
not comply with the top-down BACT analysis, and the Region must revise its BACT analysis to 
consider current average cost effectiveness.  We have made this comparison and find that the 
cost per ton to control NOX using SCR at Bonanza Unit 1 falls well within the range of costs 
incurred by other similar facilities, both in 2000, when SCR should have been installed, and 
today, when it must be installed.  Thus, SCR for the Bonanza unit is cost effective and must be 
required as BACT. 


XIV. EPA Overestimated the Cost of an SCR at Bonanza 


Cost effectiveness is the annual cost of a control option in dollars divided by the tons of 
pollution that is removed.  Annual costs are calculated in a particular way in BACT cost 
effectiveness analyses to assure a level playing field.175  The EPA has published procedures to 
estimate costs for BACT cost effectiveness analyses, initially in May 1976,176 subsequently 


alternative should initially be considered economically achievable, and, therefore, acceptable as BACT.” (quoting 
NSR Manual at B.44) (emphasis original)). 
173 SOB at 61. 
174 Alaska Dep’t of Envtl. Conservation v. E.P.A., 540 U.S. 461, 489 (2004) (“Having acknowledged that it lacked 
information needed to judge SCR’s impact on the mine’s operation, profitability, or competitiveness, [the agency] 
could not simultaneously proffer threats to the mine’s operation and competitiveness as reasons for declaring SCR 
economically infeasible”). 
175 NSR Manual, Appendix B. 
176 U.S. EPA, Capital and Operating Costs of Selected Air Pollution Control Systems, Report EPA-450/3-76-014, May 
1976. 
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updated in December 1978,177 February 1987,178 January 1990,179 and January 2002.180   This 
procedure has been upheld in many Environmental Appeals Board decisions.  These costing 
manuals cover the entire period at issue here.  


Over the entire period at issue here, 2000 to 2012, cost effectiveness, measured in dollars per 
ton of pollutant removed, has been calculated according to the EPA Air Pollution Control Cost 
Manual,181 in accordance with the NSR Manual, p. B.35, to assure consistency of BACT decisions 
made on the basis of cost.  The method of determining if a control technology is “cost effective” 
requires that the cost at all facilities included in the data for other facilities used to establish a 
cost effectiveness range are calculated using the same methodology.  


Cost effectiveness determinations include several steps. First, the capital cost is estimated and 
annualized using a capital recovery factor.  Second, the annual operating and maintenance 
(O&M) costs are estimated. Third, these costs are summed and divided by the tons of pollutant 
removed.  Procedures outlined in the Cost Manual must be used to estimate these costs.  


The cost effectiveness for SCR at the Bonanza unit in dollars per ton was estimated by Region 8 
in 2012 dollars using the SCR module of the Integrated Planning Model (IPM), assuming an 
interest rate of 7%, an SCR lifetime of 20 years, and 1.2% for insurance and property tax.182  A 
number of errors were made in applying this method, all of which significantly overestimate the 
cost effectiveness of SCR at Bonanza Unit 1.  SCR is much more cost effective than indicated by 
the Region’s cost analysis. Most notably, correcting just the outdated 7% interest rate reduces 
the Region’s SCR cost-effectiveness estimate in half to $2,033/ton. The Region should revise its 
cost effectiveness analysis, addressing the issues we raise below. 


XV. Region 8 Did Not Use An Accurate Baseline Emission Rate to Calculate Emission 
Reductions 


The first step in calculating the average cost effectiveness of alternative control options is to 
correctly define the baseline emission rate.  Baseline emission rates are “essentially 
uncontrolled emissions, calculated using realistic upper boundary operating assumptions,” for 


177 U.S. EPA, Capital and Operating Costs of Selected Air Pollution Control Systems, Report EPA-450/5-80-002, 
December 1978. 
178 U.S. EPA, EAB Control Cost Manual, Report EPA 450/5-87-0001A, February 1987. 
179 U.S. EPA, OAQPS Control Cost Manual, 4th Ed., Report EPA 450/3-90-006, January 1990. 
180 U.S. EPA, EPA Air Pollution Control Cost Manual, 6th Ed., Report EPA/452/B-02-001, January 2002. 
181 U.S. EPA, EPA Air Pollution Control Cost Manual, Report EPA/452/B-02-001, 6th Ed., January 2002 (Cost 
Manual), The EPA Air Pollution Control Cost Manual is the current name for what was previously known as the 
OAQPS Control Cost Manual, the name for the Cost Manual in previous (pre-2002) editions of the Cost Manual. 
182 SOB at 57. 
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the applicant’s proposed operation.183  Once the baseline is calculated, the cost-per-ton of 
pollutant controlled is calculated for each control option by dividing the control option’s 
annualized cost by the tons of pollution avoided (“Baseline emissions rate – Control option 
emission rate”).184   


 Instead of using uncontrolled emissions as the baseline in the SOB, Region 8 calculated the 95th 
percentile emissions by excluding the highest 5% of emissions.185  Region 8 excluded high 
values primarily due to startups, shutdowns and malfunctions.  Emissions from these events 
must be included in calculating the baseline, as they represent realistic upper bound operating 
conditions, which must be included in the emission reduction calculation.  A long line of cases 
and EPA guidance affirm that emissions from startups, shutdown, and malfunctions cannot be 
excluded.186  


There is no precedent for basing emission reductions on 95th percentile emissions.  The Region 
should revise its calculations to use 100% of the uncontrolled emissions during the period 
7/1/2012 to 6/30/2014.  As explained in the NSR Manual "if uncontrolled emissions are 
underestimated, emissions reductions to be achieved by the various control options would also 
be underestimated and their cost effectiveness overestimated.”187  Thus, SCR is more cost 
effective than reported in the SOB.  


XVI. Region 8 Did Not Use The Correct SCR Control Efficiency 


The SOB states that the cost effectiveness of SCR was evaluated assuming an 85% reduction of 
NOX from 0.47 lb/MMBtu to 0.07 lb/MMBtu.188  However, supporting calculations indicate that 
the Region actually assumed the SCR would remove only 75% of the NOX.189 


This does not represent BACT for NOX using SCR.  SCRs in both 2000 and today were/are 
routinely designed to achieve 90% NOX control on coal-fired boilers with inlet NOX levels both 
much higher and much lower than the 0.47 lb/MMBtu assumed for Bonanza.  This is 
demonstrated in Exhibit 33.190  There is nothing unusual about Bonanza Unit 1 that would 
preclude the installation and operation of a 90% efficient SCR.  Region 8 should revise its cost 
calculations to use a 90% efficient SCR.  This would result in higher emission reductions and 


183 NSR Manual at B.37. 
184 In re Steel Dynamics, 9 E.A.D. at 202 n.43; In re Masonite Corp., 5 E.A.D. 551, 564 (EAB 1994); NSR Manual at 
B.36-.37. 
185 SOB at 52. 
186 See generally Sierra Club v. EPA, 551 F.3d 1019 (D.C. Cir. 2008); and NRDC v. EPA, 749 F.3d 1055 (D.C. Cir 2014).   
187 NSR Manual at B.40-.41. 
188 SOB at 54 (Table 3). 
189 AR Doc# 60, IPM Spreadsheets. 
190 Exhibit 33, Mcllvaine NOx Control List Germany  (fax dated Jan 7 2006) 
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lower SCR cost effectiveness, i.e., SCR is more cost effective than suggested by the Region’s 
calculations. 


XVII. The Region Overestimates SCR Costs Using the IPM Model 


The capital cost of a pollution control system can be expressed in different ways, most 
commonly as “all-in” costs or “overnight” costs.  “Overnight cost” is “an estimate of the cost at 
which a plant could be constructed assuming that the entire process from planning through 
completion could be accomplished in a single day. This concept is useful to avoid any impact of 
financing issues and assumptions on estimated costs.”191 The Energy Information 
Administration (EIA) presents all of its projected plant costs in terms of overnight costs.  The 
overnight cost is the present value cost that would have to be paid as a lump sum up front to 
completely pay for a construction project.192   


The Region used the SCR module of Integrated Planning Model (IPM) to estimate cost 
effectiveness of installing SCR.193  This model estimates “all-in” costs, while the Cost Control 
Manual, used for BACT analyses, uses the overnight method to estimate capital cost.  The 
Region could have prescribed the use of other approaches in the Cost Manual (mixed current 
dollars, including interest during construction), but chose not to do so.194  Thus, the IPM model 
must be modified to estimate BACT cost effectiveness.  The Region made some modifications, 
in recognition of some of these issues, but failed to cure all of its defects. 


The SCR module of the IPM model used by Region 8 does not calculate either cost effectiveness 
in dollars per ton, the appropriate BACT metric, nor does it use the overnight method to 
calculate costs.  Rather, it calculates various components of all-in cost inputs expressed in 
$/kW, $/kW-yr, and $/MWh for input into the IPM model itself.  It includes cost items that are 
not allowed in the overnight method, such as AFUDC and owners cost.  It also uses very high 
default values for catalyst, auxiliary power, and ammonia, the major O&M costs.  This results in 
overestimated capital and O&M costs.  Thus, the model must be modified to estimate costs for 
a BACT cost effectiveness analysis.  The Region made some modifications (eliminated AFUDC, 
reduced catalyst costs), but did not go far enough. 


191 Exhibit 49, EIA, Updated Capital Cost Estimates for Electricity Generation Plants,” November 2010, p. 2. 
192 Steven Stoft, Power Economics: Designing Markets for Electricity, 2002.  See also Wikipedia, Overnight Costs, 
available at  http://en.wikipedia.org/wiki/Overnight_cost.http://en.wikipedia.org/wiki/Overnight_cost. 
193 Sargent & Lundy, IPM Model – Updates to Cost and Performance for APC Technologies.  SCR Cost Development 
Methodology, Final, March 2013, Table 1, available at 
http://www.epa.gov/powersectormodeling/docs/v513/attachment5_3.pdf. 
194 See Cost Manual, Section 2.3.1. 
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First, the Region correctly set AFUDC equal to zero as it is never allowed in an overnight cost 
analysis.195  We agree with this omission. 


Second, the IPM model includes an indirect installation charge for overtime inefficiency and per 
diem196 required to attract labor, in addition to normal loaded labor rates.  This charge is never 
allowed in an overnight cost effectiveness analysis.  This is a future award for failure to plan.  
The SCRs would be installed and catalyst would be changed out during normal maintenance 
outages.  Efficient upfront planning and scheduling of the labor pool should not result in an 
overtime inefficiency.  Therefore, there is no reason to plan for inefficiency.  This charge has 
been eliminated by EPA in other cost effectiveness analyses as it is not consistent with the 
Control Cost Manual’s general costing method. 


Third, the SCR module of the IPM model includes owner’s costs as 5% of the total project cost.  
These are not valid SCR costs and have been eliminated by EPA from cost effectiveness analyses 
in other cases.  Projects that are completed overnight do not incur any owner charges.197   


Fourth, the SCR module of the IPM model does not amortize the catalyst costs in estimating 
replacement cost, which would result in a significant overestimate in catalyst O&M.  The Cost 
Manual explains that the future worth factor should be used to amortize the catalyst cost over 
the years preceding the actual catalyst purchase.  As money is allocated in advance of purchase, 
the sum of the annual catalyst replacement cost is less than the purchase price of the catalyst.  
Thus, the purchase price should have been multiplied by a future worth factor.   


Fifth, the SCR module assumes the reagent is urea, which is the most costly reagent for an SCR.  
This option requires the use of steam to vaporize the 50% urea solution into a gas in an 
Ammonia on Demand system or similar.  This increases both the capital costs and the O&M 
costs.  Ammonia can also be provided as anhydrous ammonia or solutions of ammonia in 
water.198   


Sixth, the SCR module includes a number of default unit cost input variables that EPA did not 
adjust to site conditions: auxiliary power ($0.06/kWh); steam ($4/klbs); operating labor rate 


195 See AR Doc# 60, IPM Spreadsheets. 
196 Id. Labor adjustment, figured as 6 10 hour shift premium, per diem, etc., calculated as 10% of base module 
costs. 
197 E.g., Oklahoma v. U.S. E.P.A., 723 F.3d 1201, 1212, 1218 (10th Cir. 2013), cert. denied sub nom. Oklahoma v. 
E.P.A., 134 S. Ct. 2662 (2014) (upholding EPA’s rejection of state’s cost estimate for including 5% owner’s costs and 
general failure to comply with the overnight costing method). 
198 Reda Salib and Robert Keeth, Optimization of Ammonia Source for SCR Applications, available at 
http://www.fwc.com/publications/tech_papers/files/TP_SCR_03_03.pdf. 
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($60/hr); and 50% urea solution ($450/ton).  These are mostly upper-bound estimates and 
overestimate actual O&M costs at the Bonanza plant.199   


A. Region 8 Overestimated Annualized Capital Cost  


The total capital investment is converted into an annual capital cost using a capital recovery 
factor or CRF,200 over a given period of time (the equipment useful life) at a given interest rate.  
The Region estimated the annual capital cost to install SCR on Bonanza Unit 1 would be about 
$14.4 million plus insurance and property tax, which were separately figured as 1.2% of capital 
cost.   


We disagree with Region 8’s choices for both SCR lifetime and interest rate.  The Region’s 
choices are the inputs used in an example problem at the end of the Control Cost Manual’s SCR 
chapter written based on limited operating experience.201  This is just an example to explain the 
complex calculations used in the Cost Manual to estimate SCR cost, rather than the actual 
values for any specific case. The values contained in that example are now outdated. A cost 
analysis should use accurate, site-specific information when available.   


B. SCR Lifetime Should be A Minimum of 30 years 


The lifetime of an SCR, which is a metal frame packed with catalyst modules, is equal to the 
lifetime of the boiler, which might easily be well over 60 years.  The lifetime of a retrofit SCR is 
generally set equal to the remaining useful life of the facility.  Bonanza Unit 1 started operating 
in 1985.202  Thus, the remaining useful life is greater than 30 years.  Many SCRs installed in 
Europe in the 1980s are still in operation today.203  Many utilities routinely specify 30+ year 
lifetimes in SCR requests for proposal and to evaluate SCR proposals.  A study of the economic 
risks from SCR operation at the Detroit Edison Monroe power plant, for example, used 30 years 


199 Compare them, for example, to Exhibit 48, Cichanowicz, Current Capital Cost and Cost Effectiveness, Figure 6-1. 
200 A capital recovery factor or CRF is used to convert a present value into a stream of equal annual payments over 
a given time at a given interest rate.  Under the Cost Manual methodology, total capital costs are annualized by 
calculating an annual payment sufficient to finance the investment over its entire life.  This payment is calculated 
by multiplying the total capital investment by a capital recovery factor calculated from a formula based on interest 
rate and equipment lifetime.  The CRF is given by: 
CRF - [ i(1+i)n]/[(1+i)n -1 ] where i is the interest rate and n is the life of the pollution control equipment.  In 
essence, annualization establishes an annual payment sufficient to finance the capital investment for its entire life. 
201 Cost Manual, Sec. 4.4, SCR, Sec. 2.5. 
202 SOB at 4. 
203 See, e.g., Exhibit 50, Hans Sobolewski, Hans Hartenstein, and Marilynn Martin, Steag’s Long-Term Catalyst 
Operating Experience and Cost, May 2006; Exhibit 8, Hans Hartenstein, Control Technologies for the W.H. Sammis 
Plant, Stratton, Ohio, Expert Report, October 2003,  Prepared On Behalf of the U.S. Dept. of Justice, U.S. et al., v. 
Ohio Edison et al., (cv- C2-99-1181, S.D. OH E.D.) at Section 7.1.2.4; Leslie L. Sloss and others, Nitrogen Oxides 
Control Technology Fact Book, Noyes Data Corp., 1992. 
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as the anticipated lifetime.204  An analysis prepared by Black & Veatch for another facility 
assumed a 40-year SCR lifetime.205  Sargent & Lundy assumed a design life of 30 years206 for 
SCR at the Navajo Generating Station and 40 years for retrofit scrubbers on the White Bluff 
facility.207  Scrubbers are much more complex equipment, with many moving parts, and would 
have a shorter life than an SCR which is nothing more than a metal frame packed with blocks of 
catalyst that are changed out periodically.  There is nothing in the record to support a 20 year 
lifetime for SCR at Bonanza.  A minimum 30 year lifetime is justified to support a site-specific 
cost analysis.  Anything shorter would require an enforceable condition requiring unit 
shutdown at the end of 20 years; but, the proposed permit does not require a mandatory 
shutdown at the end of 20 years. 


C. Interest Rate 


Region 8’s cost analysis is based on an interest rate of 7%, which is very outdated.  This interest 
rate comes from the Control Cost Manual, where it is used in both the example SCR cost 
problem and reported as a default social interest rate.  The social rate of interest was 7% when 
the Cost Manual was written in 1996 but is much lower today.  Current interest rates are very 
low.  The Region’s analysis failed to look to actual interest rates.     


For cost analyses related to government regulations, an appropriate “social” 
interest (discount) rate should be used.  This applies here because Region 8’s action in this case 
is designed to bring Bonanza Unit 1 into compliance with the Clean Air Act, which is 
fundamentally a public interest matter that must consider the broader benefit to public health 
of the economic cost of any regulation.  See, for example, the EPA’s use of the social interest 
rate in a recent Best Available Retrofit Technology (“BART”) determination.208 


For these types of analyses, the Office of Management and Budget (“OMB”) directs that the 
social interest rate be used.  When the Cost Control Manual was developed, the social interest 


204 S.D. Unwin and others, Selective Catalytic Reduction (SCR) System Design and Operations: Quantitative Risk 
Analysis of Options, Presented at CCPS 17th Annual International Conference: Risk, Reliability, and Security, p. 
3,available at  http://www.unwin-co.com/files%5CSCR-Risk-Paper,CCPS-RRS2002.pdf. 
205 Exhibit 51, Email from O'Brien to Van Helvoirt, September 28, 2004, Re: Cost Impact, WPS-011904 at WPS-
011905. 
206 Exhibit 52, 8/17/10 Salt River Project Navajo Generating Station Units 1, 2, 3 SCR and Baghouse Capital Cost 
Estimate Report (S&L Navajo Cost Analysis), Appendix A, p. 6, Sec. 1.7. 
207 Exhibit 53, Sargent & Lundy, White Bluff Station Units 1 and 2, Evaluation of Wet vs. Dry FGD Technologies, 
Prepared for Entergy Arkansas, Inc., Rev. 3, October 28, 2008. 
208 Exhibit 54, Navajo Generating Station Cost Analysis, generated by Sargent & Lundy and revised by EPA to use 
the “social” interest rate, to comply with BART.  At the time, the social rate of interest was 2.8%. 
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rate was 7%.   However, the latest social interest rate for cost-effectiveness analyses published 
by OMB is 1.9% for a 30-year period.209   


In sum, Region 8 overestimated the cost per ton by using the wrong interest rate to calculate 
the capital recovery factor.  Calculating the annualized capital cost using the social interest rate 
of 1.9% and a 30-year SCR lifetime yields a capital recovery factor of 0.044210 (compared to 
0.094 used in the SOB’s calculations).211  Thus, the EPA overestimated annual capital costs by a 
factor of 2 (0.094/0.044 = 2.14).  Most of the overestimate is due to the interest rate.  
Correcting just this factor results in an SCR cost-effectiveness value of $2,033/ton,212 which is 
highly cost effective, falling at the lower end of the reported range of cost effectiveness values 
circa 2000 and in 2012.  If the other errors discussed in this comment were corrected, the cost 
effectiveness of SCR would be even lower.  Thus, an SCR at Bonanza Unit 1 is unquestionably 
cost effective.  


XVIII. Deseret Cannot Claim Credit for NOx Reductions Due to Low-NOx Burners 


Sources sometimes seek avoid PSD review and BACT obligations by “zeroing out” future 
emissions increases with contemporaneous projects that decrease emissions. But the source 
can only get credit for the future decreases in pollution where those reductions are 
contemporaneous and are creditable.  Importantly, to be creditable, reductions must be 
enforceable through a permit requirement before construction. 


Deseret claims that emission decreases due to its installation of low-NOx burners should be 
considered in determining whether the ruggedized rotor project led to an emissions increase.  
In its comments on the Bonanza Draft Title V permit, Deseret claims that installation of the new 
low-NOx burners at the plant in 1997 was “part of the overall rotor project.”213  Desert claims 
“because of the new burners, the post-project NOx emission rate was expected to be (and, in 
fact, was) lower than the NOx baseline rate, both on a pounds per million British thermal units 
(“lb/mmbtu”) basis and at full capacity.214  Deseret also notes that Utah’s engineering review 
noted that by installing the low-NOx burners, Deseret “voluntarily” reduced emissions.215 


However, not only did the Bonanza plant’s emissions go up on a total tons basis, but Deseret 
cannot take credit for NOx emission reductions from low-NOx burners because the installation 
was “voluntary,” and the resulting emission rates are not enforceable through a federally 


209 OMB Circular No. A-94, Appendix C, Revised February 7, 2014, available at 
http://www.whitehouse.gov/sites/default/files/omb/memoranda/2014/m-14-05.pdf. 
210 Cost Manual, Chapter 2, p. 2-21: CRF = 0.0019(1.0019)^30/[(1.0019)^30-1] = 0.04404. 
211 See AR Doc# 60, IPM Spreadsheets. 
212 Cost effectiveness revised to use a CRF of 0.044:   (0.044+0.012)$152,865,425/4,210.8 tons/yr = $2,033/ton. 
213 Deseret Comments on Draft Title V Permit at 1-4. 
214 Id. 
215 Id. 
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enforceable permit limit.  “A decrease in actual emissions is creditable only to the extent 
that…it is federally enforceable...”216  EPA objected to the Big Stone plant’s Title V permit issued 
by South Dakota for precisely this reason.  In the objection, EPA found that the plant avoided 
PSD major modification review by failing to apply a proper PSD applicability analysis.  The 
improper analysis did not include creditable “enforceable decreases in actual emissions at the 
time that actual construction of the particular change …to prevent a significant net emission 
increase at the source.”217 


While some other changes to pollution controls were made at the plant around the same time 
as the 2000 ruggedized rotor project, any associated reductions are not “creditable” because 
they were not enforceable.  Therefore, the ruggedized rotor project’s increase in “actual 
emissions” are the full “net emissions increase.”218   


Deseret also could have, but did not, accept enforceable permit limits making its emission 
reductions creditable.   


XIX. Region 8 Should Not Remove NSPS References from the PSD Permit 


Region 8 proposes to remove all reference to NSPS standards (i.e., part 60 standards) because 
“the PSD rules do not require [them] to be included in PSD permits…”219 This is incorrect.  In 
fact, the PSD regulations at 40 C.F.R. 52.21(j)(1) requires that a PSD permittee comply with the 
NSPS, part 60, standards: 


(j) Control technology review. (1) A major stationary source or major modification shall 
meet each applicable emissions limitation under the State Implementation Plan and 
each applicable emissions standard and standard of performance under 40 CFR parts 60 
and 61. 


In other words, compliance with NSPS limits is a requirement of the PSD program.  The permit 
should therefore include references to part 60 standards.  


 


 


 


216 40 C.F.R. § 52.21(b)(3)(vi)(b); accord Natl. Mining Ass’n v. EPA, 59 F.3d 1351, 1362 (D.C.  
Cir. 1995) (noting that federally enforceable controls do not include “operational restrictions that an owner might 
voluntarily adopt”). 
217 Exhibit 55, EPA Letter to Steven Pirner Re Big Stone objection (Jan. 22, 2009) at pdf  8. 
218 40 C.F.R. § 52.21(b)(3)(i) (1992-2002).   
219 SOB at 5, 7. 
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XX. The EPA’s Source Impact Analysis is Flawed and Does not Support a Finding that the 
Bonanza Plant will not Cause or Contribute to Violations of NAAQS or PSD Increments 


The EPA acknowledges that, pursuant to 40 C.F.R. § 52.21(k), it is required as part of this 
proposed PSD permitting action to: 


[D]emonstrat[e] that the allowable emission increase (including secondary emissions) 
from the proposed source modification (in this case, the ruggedized rotor project at 
Deseret’s Bonanza power plant), in conjunction with all other applicable emission 
increases or reductions at the source would not cause or contribute to a violation of any 
NAAQS, nor cause or contribute to a violation of any applicable ‘maximum allowable 
increase’ over the baseline concentration in any area.220 


To this end, the agency further acknowledges that for “each pollutant” for which a “significant 
net emissions increase” would occur, an analysis of impacts to “ambient air quality” is required.  
40 C.F.R. § 52.21(m)(1)(i)(b).221  In spite of these acknowledgments, the EPA fell exceedingly 
short of actually demonstrating that operation of the Bonanza plant under the proposed PSD 
permit would adequately protect air quality consistent with its PSD regulations. These issues 
are addressed in further detail in the National Park Service’s comments, which we incorporate 
in full. 


A. The EPA Failed to Analyze the Impacts of NOx Emissions to Ambient Air Quality 


As part of its permitting action, the EPA affirms that Deseret was required to obtain a PSD 
permit for its ruggedized rotor project due to a “significant increase in actual emissions of 
NOx.”222  In light of this significant increase in NOx, the agency was clearly obligated to prepare 
a source impact analysis, assessing the degree to which these emissions impact the NAAQS and 
PSD increments.  Unfortunately, no such analysis has actually been prepared in accordance with 
40 C.F.R. § 52.21(m)(1).  Despite this, the agency asserts that emissions from the Bonanza plant 
will protect air quality.  This claim is baseless and absent a valid source impact analysis, any 
permit will fail to comply with the Clean Air Act. 


The EPA’s position that the Bonanza plant will protect air quality, even without a supporting 
source impact analysis, rests on its conclusion that the permitting action will reduce NOx 
emissions.  In the SOB, the agency asserts, “In light of the proposed NOx emission reductions 
from the permitting action, we find that the requirements of 40 CFR 52.21(m)(1) are 


220 Id. at 73. 
221 Id. 
222 Id. at 4. 
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satisfied[.]”223  In other words, the EPA posits, its duties under 40 C.F.R. § 52.21 are 
automatically discharged, and air quality sufficiently protected in accordance with 40 C.F.R. § 
52.21(k), so long as emissions are reduced as part of a PSD permitting action.  This perspective 
lacks grounding. 


Importantly, the EPA’s position is at odds with the nature of its own permitting action and the 
plain language of its rules.  For a major modification, the requirements of 40 C.F.R. § 
52.21(m)(1)(i)(b) apply to “each pollutant for which it would result in a significant net emissions 
increase.”  Here, the EPA is undertaking this PSD permitting action because the ruggedized 
rotor project at the Bonanza plant “would result in a significant net emissions increase.”  
Accordingly, the EPA has even proposed BACT limits for NOx.  As the agency acknowledges, 
BACT limits are only required “for each regulated New Source Review (NSR) pollutant for which 
[a major modification] would result in a significant net emissions increase at a source.”224 


Furthermore, the requirements of 40 C.F.R. § 52.21(k) to protect the NAAQS and PSD 
increments clearly apply to any “emission increases from the proposed [] modification, in 
conjunction with all other applicable emissions increases or reductions[.]”225  Simply because 
the net effect of a PSD permit may be a reduction in emissions does not mean the EPA is 
allowed to shortcut, or outright ignore, its source impact analysis obligations.  In other words, 
even where reductions may occur, the air quality impacts must still be analyzed.  This is 
especially underscored here, where numerous new NAAQS and PSD increments were adopted 
after the Bonanza plant originally received its PSD permit in 1981.226  To now assert that 
emission reductions will automatically protect these newly adopted NAAQS and increments is 
wholly unsupported. 


The EPA may claim that it did, in fact, prepare an air quality impacts analysis in accordance with 
40 C.F.R. § 52.21(m)(1).  However, such a claim is completely unsupported.  For one thing, the 
agency’s own rules state that estimates of air quality impacts “shall be based on applicable air 
quality models, data bases, and other requirements specified in appendix W of part 51 of this 
chapter[.]”227  The EPA made no estimates of air quality impacts consistent with 40 C.F.R. § 51, 


223 Id. at 74, Fn. 96. 
224 Id. at 14. 
225 40 C.F.R. § 52.21(k)(1) (emphasis added). 
226 These NAAQS and PSD increments include, but are not limited to NAAQS for PM10 (40 C.F.R. § 50.6), for PM2.5 


(40 C.F.R. §§ 50.7 and 50.13), for ozone (40 C.F.R. §§ 50.10 and 50.15), for NO2 (40 C.F.R. § 50.11), for SO2 (40 C.F.R. 
§ 50.4 and 50.5), and PSD increments for NO2 and PM2.5 (40 C.F.R. § 52.21(c)). 
227 40 C.F.R. § 52.21(l)(1). 
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appendix W.  Notably, the agency expressly rejected the use of “dispersion” models to assess 
impacts, despite the fact that appendix W expressly recommends their use.228   


Secondly, the agency only cursorily and qualitatively addressed the impacts of NOx emissions to 
the ozone NAAQS, completely overlooking the impacts of NOx emissions to the PM2.5 NAAQS, 
the NO2 NAAQS, and PSD increments for NO2 and PM2.5.  Even the “assessment” of impacts to 
the ozone NAAQS is dubious.  Citing a 2013 report prepared for the State of Utah, the agency 
asserts that NOx emissions from the Bonanza plant do not contribute to the region’s 
exceptionally high ozone levels.229  However, the Uinta Basin Study” cited by the EPA did not 
reach this conclusion.  The report expressly states that, “More study is needed [] to determine 
whether the Bonanza Plant’s stack height limits its contribution to surface winter ozone 
production.”230  In fact, contrary to the EPA, the report actually concludes that NOx emissions 
from the Bonanza plant “must be included” in inventories of ozone precursors in the region.231 


B. The EPA Failed to Analyze the Impacts of Other Emissions to Ambient Air Quality 


Also of concern is that the EPA has not acknowledged or addressed the fact that significant 
increases in PM10, PM2.5, and SO2 emissions occurred as a result of the ruggedized rotor project, 
and therefore failed to appropriately analyze the impacts of these emissions to NAAQS and PSD 
increments.  As discussed earlier in these comments, the EPA has inappropriately overlooked 
significant increases in emissions other than NOx that occurred as part of Deseret’s modification 
of the Bonanza plant.  This oversight similarly means that the agency has failed to ensure 
operation of the Bonanza plant will protect NAAQS and PSD increments consistent with 40 
C.F.R. § 52.21(k) with regards to emissions of PM10, PM2.5, and SO2. 


C. The EPA Failed to Analyze Other Impacts Consistent with its PSD Rules 


The EPA inappropriately asserts in the SOB that it is not obligated to analyze impacts to 
visibility, soils and vegetation in accordance with 40 C.F.R. § 52.21(o)(1).  Once again, this stems 
from the agency’s mistaken presumption that because “NOx emission reductions” would occur 
as a result of issuance of the PSD permit, no impacts would occur requiring any analysis under 
40 C.F.R. § 52.21(o).232  As discussed earlier, not only is this mistaken due to the fact that an 
increase in NOx emissions is projected to occur (thereby necessitating this very PSD permitting 


228 SOB at 76. 
229 Id. at 74-75. 
230 Exhibit 56, 2012 Uinta Basin Winter Ozone & Air Quality Study Study at 2; available at 
http://rd.usu.edu/files/uploads/ubos_2011-12_final_report.pdf. Uinta Basin Study at 2. 
231 Id. at 113. 
232 SOB at 74, Fn. 96. 
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action), but also because the requirements set forth in 40 C.F.R. § 52.21(o) are not even 
predicated upon whether an emission increase or decrease occurs.   


In fact, the requirements of 40 C.F.R. § 52.21(o) apply to any and all PSD permitting actions.  
Regulations do not qualify its provisions on the basis of whether an emission increase or 
decrease would occur (although, under PSD, permits are required only where there would be 
an emissions increase, meaning such a qualification would be irrelevant).  The regulation is 
clear that any time a permitting action is undertaken in accordance with PSD “an analysis of the 
impairment to visibility, soils and vegetation that would occur as a result of the source or 
modification and general commercial, residential, industrial and other growth associated with 
the source or modification” must be undertaken.233  Accordingly, the EPA’s failure to undertake 
such an analysis in this permitting action is contrary to the Clean Air Act. 


Finally, we are concerned the agency’s position ignores the fact that the ruggedized rotor 
project included a number of other activities that impact visibility, soils, and vegetation, 
including, but not limited to: 


• An expanded coal pile on site; 
• Increased coal and ash handling activities to accommodate the increased coal 


consumption; and 
• Increased coal production at the Deserado coal mine, which is the sole fuel source for 


the Bonanza plant. 
•  


Here, these activities clearly occurred as a result of the “major modification.”  To this end, their 
impacts to visibility, soils, and vegetation must be analyzed by the EPA in accordance with 40 
C.F.R. § 52.21(o)(1).  This duty is bolstered by 40 C.F.R. § 52.21(o)(2), which requires that the 
“air quality impact” of industrial growth associated with the modification, such as increased 
coal mining and coal and ash handling, must be analyzed. 


D. The EPA Must Consult with the U.S. Fish and Wildlife Service  


Under the Endangered Species Act, the EPA must consult with the U.S. Fish and Wildlife Service 
to ensure its PSD permitting action does not jeopardize the existence of species listed as 
threatened or endangered, or otherwise adversely modify their critical habitat.234  To this end, 
“formal consultation” is required for “any action [that] may affect listed species or critical 


233 40 C.F.R. § 52.21(o)(1). 
234 16 U.S.C. § 1536(a)(2). 
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habitat.”235  Despite this obligation, the EPA makes no mention of any impacts to threatened 
and endangered species even though clearly such species may be affected. 


Here, the duty to take into account impacts to threatened and endangered species and their 
critical habitats under the Clean Air Act is triggered by the EPA’s obligation to consider the 
“environmental” impacts of its BACT determination in accordance with 40 C.F.R. § 52.21(b)(12), 
as well as its duty to analyze the impacts to soils and vegetation with “significant commercial or 
recreational value” in accordance with 40 C.F.R. § 52.21(o)(1).   


In the case of the Bonanza plant, operation of the plant under the proposed PSD permit is likely 
to adversely affect a number of listed species and critical habitat in the region, including, but 
not limited to, the following: 


• Endangered fish, particularly the razorback sucker and Colorado pikeminnow, in the 
Green and White Rivers and their designated critical habitats in the region.  As the map 
below shows, the Colorado pikeminnow has designated critical habitat throughout the 
Green and White Rivers in the region.  Impacts to these species and their habitats 
potentially include contamination impacts from air and water pollution, land 
disturbance from ongoing power plant operations and industrial and other growth 
associated with the modification (e.g., coal mining, coal and ash handling, etc.); 
 


235 50 C.F.R. § 402.14(a). 


54 
 


                                                           







 


The Bonanza power plant in proximity to designated critical habitat for the Colorado pike 
minnow. 


• Threatened and endangered plants in the region, including shrubby reed-mustard, clay 
reed-mustard, Pariette cactus, and Uinta Basin hookless cactus.  Air pollution and 
associated industrial and other growth may affect these species and their habitats, 
warranting formal consultation. 
 


Unless and until the EPA formally consults with the U.S. Fish and Wildlife Service, no PSD permit 
will be in accordance with the Endangered Species Act. 


 
XXI. EPA Failed to Verify that Emissions from Bonanza will Not Adversely Impact National 


Park Resources   
  
EPA has failed to meaningfully consider, evaluate and mitigate Bonanza’s impacts on the 
region’s Class I areas. In failing to verify through ambient air quality modeling that emissions 
from Bonanza will not adversely impact the air quality related values at national parks in the 
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region, EPA has failed to fulfill its obligation “to preserve, protect, and enhance the air quality in 
national parks, national wilderness areas, national monuments, national seashores, and other 
areas of special national or regional natural, recreational, scenic, or historic value…” 236 This 
error further amounts to the agency barricading the National Park Service from fulfilling its 
obligation to manage national parks under the Organic Act of 1916, and "....to conserve the 
scenery and the natural and historic objects and the wild life therein and to provide for the 
enjoyment of the same in such manner and by such means as will leave them unimpaired for 
the enjoyment of future generations."237 EPA assumes that because emissions from Bonanza 
will be reduced, an air quality impact analysis is unnecessary. This assumption has the potential 
to place sensitive ecosystems and their valued resources in further jeopardy- jeopardy that 
would be substantially mitigated by adequate emission reduction requirements.  
 
Emissions from Bonanza are having a substantial impact on Class I and Class II national park 
resources in the region. For example, Dinosaur National Park, 40 kilometers from the facility’s 
footprint, suffers from excessive nitrogen deposition. Nitrogen deposition at Dinosaur is 23 
times the EPA’s threshold of concern, with proper control of nitrogen oxides, this would drop to 
4.5.238 Beyond this, the National Park Service’s modeling demonstrates that Bonanza’s visibility 
impact on the amazing views at Dinosaur represents the greatest impact from a single source 
on a single park across the whole of the country: over 276 days a year are visually impaired by 
Bonanza’s emissions.239 NPS modeling shows that Bonanza contributes to visibility impairment 
at Class I areas Arches and Canyonlands National Parks, approximately 150 and 180 kilometers 
from Bonanza respectively.240 Emissions from the Bonanza plant are partly responsible for the 
devaluation of these park resources. With appropriate BACT controls, here SCR, nitrogen 
deposition and visibility at Dinosaur and visibility at Arches and Canyonlands would be 
dramatically improved. 241We incorporate and adopt NPS’s comments by reference.  
 
XXII. EPA Did Not Provide Properly Analyze or Provide Proper Notice on Increment 


Consumption 
 
The implementing regulations for PSD SIPs require that the public notice for a proposed permit 
provide “the degree of increment consumption that is expected from the source.”242  EPA’s 


236 42 U.S.C. § 7470 (2). 
237 16 U.S.C. §§ 1, 2, 3, and 4. 
238 See NPS Comments submitted Feb. 3, 2015, which we incorporate in full. 
239 Id. 
240 Id. 
241 Id. 
242 40 C.F.R. §51.166(q)(2)(iii).   
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public notice for Bonanza did not identify the degree of increment consumption for NOx or SO2, 
the notice simply provides that the increment will not be violated without quantifying the level 
of consumption for which the plant is responsible.  This omission is particularly egregious given 
the proximity of Arches and Canyonlands Class I areas to the Bonanza plant and backdrop of 
booming oil and gas development in the region that likewise consumes increment.   


 
The imperative to provide public notice of increment consumption at specific Class I areas flows 
directly from the core statutory purposes of the PSD program.243   Congress also instructed that 
the PSD program is intended “to assure that any decision to permit increased air pollution in 
any area to which this section applies is made only after careful evaluation of all the 
consequences of such a decision and after adequate procedural opportunities for informed 
public participation in the decision making process.”244  Adequate notice is a necessary 
predicate to informed public participation in the PSD permit process.   
 
Because EPA failed to adequately inform the public of the degree of increment consumption 
from Bonanza in all areas to be impacted by the facility, EPA must provide an analysis and 
verification that Bonanza will not cause or contribute to an increment violation. If necessary, 
EPA may need to re-issue its public notice and re-open the public comment period to comply 
with public participation requirements. 


 
 
Sincerely, 
 
 


 
 
Andrea Issod 
Staff Attorney 
Sierra Club 
85 Second Street, Second 
Floor San Francisco, CA 
94105-3441 (415) 977-5544 
andrea.issod@sierraclub.org 
 


243 42 U.S.C. § 7470(2) 
244 42 U.S.C. § 7470(5). 
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Jeremy Nichols 
Climate & Energy Program Director 
1536 Wynkoop St, Ste. 310 
Denver, CO 80202 
jnichols@wildearthguardians.org 
 


Stephanie Kodish 
Director & Counsel for Clean Air Program 
National Parks Conservation Association 
706 Walnut Street, Suite 200 
Knoxville, TN 37902 
skodish@npca.org 
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ABSTRACT 
 
A survey was conducted of state air pollution control agencies to determine the most 
recent Best Available Control Technology (BACT) and Lowest Achievable Emission 
Rate (LAER) determinations for natural gas combustion turbines used in electric power 
generation facilities.  BACT and LAER for both simple cycle and combined cycle modes 
of turbine operation were evaluated. 
 
Any new major stationary source or major modification locating in an area attaining the 
National Ambient Air Quality Standard (NAAQS) is subject to Prevention of Significant 
Deterioration (PSD) requirements and must conduct an analysis to ensure the application 
of BACT.  Also, any new major stationary source or major modification locating in an 
area not attaining the NAAQS is subject to non-attainment new source review permitting 
requirements and must conduct an analysis to ensure the application of LAER. 
 
Air pollution permitting agency decisions on BACT/LAER determinations weigh heavily 
on the most recent BACT/LAER determinations.  This most recent data is not always 
readily available in the US EPA BACT/LAER Clearinghouse.  This often results in a 
delay as applicants and state agencies search for the most recent BACT/LAER 
determinations. 
 
This paper is intended to address the need for current BACT/LAER determinations used 
by the state air pollution agencies and private industries. 
 
The study involved a survey of 28 state air pollution agencies in the eastern half of the 
United States.  Each state was queried on the most recent BACT/LAER analysis for 
simple and combined cycle combustion turbines; compliance averaging time applicable 
to these determinations; different types of control technologies required by each state 
agency; the cost per ton of pollutant removed threshold for economic feasibility; and the 
total number of BACT/LAER determinations made by each state during the last 12 
months for this source group.  This investigation primarily focused on the following 
pollutants:  PM10, NOx, CO, SO2 and hydrocarbons.   
 







The data obtained from this study was statistically analyzed to prepare tables showing 
comparative analyses between states.  Conclusions on regional differences between the 
states were made based on the BACT/LAER determinations obtained.   
 
INTRODUCTION 
 
Any new major stationary source or major modification locating in an area attaining the 
National Ambient Air Quality Standard (NAAQS) is subject to Prevention of Significant 
Deterioration (PSD) requirements and must conduct an analysis to ensure the application 
of BACT.  Also, any new major stationary source or major modification locating in an 
area not attaining the NAAQS is subject to non-attainment new source review permitting 
requirements and must conduct an analysis to ensure the application of LAER. 
 
The regulatory decisions on BACT and LAER can have significant economic impacts on 
a proposed project (e.g. emission limits, allowable operating conditions). Thus, at the 
time of project development and the decision to proceed with the project, it is important 
to have timely information on the BACT and LAER determinations that will actually 
apply to the project. 
 
To provide a central clearinghouse for BACT, LAER and Reasonably Available Control 
Technology (RACT) determinations throughout the nation; U.S. EPA has established the 
RACT/BACT/LAER Clearinghouse.  As described on its web page, “the 
RACT/BACT/LAER Clearinghouse (RBLC) database contains information distilled from 
early notification submittals and air permits received from State and local air pollution 
control programs in the United States. The RBLC Web site also contains summary 
information on air pollution emission standards.  The data assists State/local agency 
personnel and private companies in determining what types of controls and pollution 
prevention measures have been applied to and/or are required for various sources and the 
effectiveness of these technologies.”  (1) 


 


The challenge is that early in the planning process for a new project, the project 
developer needs access to the most recent BACT/LAER determinations to make 
decisions on project design and to fully evaluate the economic feasibility of the project.  
 
The time between the state or local regulatory decision on a BACT/LAER determination 
and the inclusion of that decision in the RBLC varies by state and can be substantial. 
 
The purpose of this paper is to present the results of a survey conducted of recent 
BACT/LAER determinations in states in the eastern half of the U.S. for a major source 
category - - new large combustion turbines form power generation. We compare these 
determinations state by state and see whether these determinations are, in fact, included 
in the RBLC database. 
 







SURVEY PROCEDURES 
 
The survey questions are given in Table 1.  Questions addressed included date of permit 
issuance, combustion turbine type and size, pollutants for which BACT or LAER 
determinations were made and the determination for each pollutant, compliance 
averaging time in the determination, required control technology and the cost per ton of 
pollutant removed threshold for economic feasibility in the determination.   
 
Table 1. Survey questions 
 
Questionnaire on State Agency Experience in BACT and LAER Determinations for 
Three Most Recent Large Combustion Turbines Permitted 
State:           Person Providing Response:                                                                   
Date:       Email:                            Phone #:   
 Permit #1 Permit #2 Permit #3 
Permit #    
Date Permit Issued    
Combustion Turbine Type: 
(Combined Cycle (CC), Simple 
Cycle (SC)) 


   


Size: (Megawatts (MW) 
output(a) , MMBTU/hour fuel 
input) 


   


Pollutant: (NOx, CO, SO2, 
PM10, HC) 


   


Type of Determination: (BACT, 
LAER) 


   


Emission Standard: (ppm, 
lbs/MMBTU, % sulfur fuel, 
etc.) 


   


Compliance Averaging Time: (1 
hour, rolling 4-hour, etc.) 


   


Required Control Technology: 
(SCR and/or LNB for NOx, 
catalytic oxidation for CO, etc.) 
 
 


   


Cost per ton of pollutant 
removed threshold for economic 
feasibility in the determination 
(dollars/ton) 


   


Note: (a) MW output for combined cycle combustion turbines is upstream of the HRSG. 
 







Table 2 lists the 28 states contacted in this survey and those states that responded. In each 
state, we sought to contact the person in charge of the control technology determinations 
in the new source review process. Surveys were sent by e-mail with phone call follow up 
as needed.  10 of the 28 states provided survey responses that were sufficiently complete 
to include in the results. A total of 75 BACT determinations and 16 LAER 
determinations are included in the survey results. 
 
Table 2. States contacted in survey. 
 
State Status State Status 
Alabama Complete Mississippi Pending 
Arkansas Complete New Hampshire Complete 
Connecticut Complete New Jersey Pending 
Delaware Complete New York Complete 
Florida Complete North Carolina Pending 
Georgia Pending Ohio Pending 
Illinois Pending Pennsylvania Complete 
Indiana Complete Rhode Island Pending 
Kentucky Pending South Carolina Pending 
Louisiana Pending Tennessee Pending 
Maine Pending Vermont Pending 
Maryland Pending Virginia Pending 
Massachusetts Pending West Virginia Pending 
Michigan Complete Wisconsin Pending 
 
RESULTS 
 
Survey results are presented in the following five tables. 
 
Table 3 presents the average BACT determination by state for simple cycle, combined 
cycle and all combustion turbines for up to five air pollutants. Based on natural gas firing, 
for NOx, these average BACT determinations vary from a low of 3.5 to 7.67 ppm. For 
CO they vary from 7.67 to 22.5 ppm. For SO2, they vary from 0.00145 to 0.0055 
lbs/MMBTU, for PM10 they vary from 0.0059 to 0.021 lbs/MMBTU and for HC they 
vary from 2.2 to 6.7 ppm.  
 
Table 4 presents the average LAER determination by state for simple cycle, combined 
cycle and all combustion turbines for up to five air pollutants. Based on natural gas firing, 
for NOx, these average LAER determinations vary from 2.0 to 3.0 ppm. For CO the 
determination is 3.0 ppm. For PM10 the determination is 0.0155 lb/MMBtu and for HC 
they vary from 1.3 to 1.56 ppm.  
 
 
 
 
 







Table 5 presents the compliance averaging times included in the BACT and LAER 
determinations. Based on natural gas firing, for NOx, these compliance averaging times 
vary from one-hour never to be exceeded to four-hour rolling averages never to be 
exceeded. For CO they vary from one hour to 24 hour rolling never to be exceeded. For 
SO2, they vary from one hour to 3 hour never to be exceeded. For PM10, they vary from 
1 hour to 24 hour rolling and for HC they vary from one hour to 24 hour rolling. 







Table 3. The average BACT determination by state for simple cycle, combined cycle and 
all combustion turbines. 
 
State Pollutant Average BACT Determination 
  Simple Cycle 


Combustion Turbine 
Combined Cycle 
Combustion Turbine 


All Combustion 
Turbines 


   # Avg. BACT  # Avg. BACT  # Avg. BACT 
Alabama NOx   3 5.0 ppm 3 5.0 ppm 
 CO   3 12.0 ppm 3 12.0 ppm 
 PM10   3 0.0059 


lb/mmBtu 
3 0.0059 


lb/mmBtu 
 VOC   3 3.2 ppm 3 3.2 ppm 
Arkansas NOx   3 3.5 ppm 3 3.5 ppm 
 CO   2 22.5 ppm 2 22.5 ppm 
 PM10    1 0.013 


lb/mmBtu 
1 0.013 


lb/mmBtu 
 VOC   2 6.7 ppmv 2 6.7 ppmv 
Connecticut SO2   1 .005 lb/mmBtu 1 .005 lb/mmBtu 
 PM10   1 0.011 


lb/mmBtu 
1 0.011 


lb/mmBtu 
Delaware NOx 1 9 ppm 1 3 ppm 2 6 ppm 
 CO 1 9 ppm 1 9 ppm 2 9 ppm 
 SO2 1 0.003 


lb/mmBtu 
1 0.003 


lb/mmBtu 
2 0.003 


lb/mmBtu 
 PM10 1 0.02 lb/mmBtu 1 0.021 


lb/mmBtu 
2 0.0205 


lb/mmBtu 
Florida NOx 1 9 ppm 2 3 ppm 3 6 ppm 
 CO 1 9 ppm 2 8.5 ppm 3 8.75 ppm 
 SO2 1 0.0056 


lb/mmBtu 
1 0.0052 


lb/mmBtu 
2 0.0054 


lb/mmBtu 
 VOC   1 2.2 ppm 1 2.2 ppm 
Indiana NOx 1 9 ppm 2 3.0 ppm 3 6.0 ppm 
 CO 1  25 ppm 2 10.6 ppm 3 17.8 ppm 
 SO2 1 0.0052 


lb/mmBtu 
2 0.0058 


lb/mmBtu 
3 0.0055 


lb/mmBtu 
 PM10 1 0.0095 


lb/mmBtu 
2 0.0125 


lb/mmBtu 
3 0.011 


lb/mmBtu 
Michigan NOx 2 12 ppm 3 3.33 ppm 5 7.67 ppm 
 CO 1 25 ppm 3 5.57 ppm 4 15.29 ppm 
 VOC   3 6.47 ppm 3 6.47 ppm 
New 
Hampshire 


CO   2 15 ppm 2 15 ppm 


 SO2   2 0.00145 
lb/mmBtu 


2 0.00145 
lb/mmBtu 


 PM10   2 0.0095 
lb/mmBtu 


2 0.0095 
lb/mmBtu 


New York SO2   2 0.0038 
lb/mmBtu 


2 0.0038 
lb/mmBtu 


 PM10   1 0.021 
lb/mmBtu 


1 0.021 
lb/mmBtu 


Pennsylvania CO   3 7.67 ppm 3 7.67 ppm 







Table 4. The average LAER determination by state for simple cycle, combined cycle and 
all combustion turbines. 
 
State Pollutant Average BACT Determination 
  Simple Cycle 


Combustion Turbine 
Combined Cycle 
Combustion Turbine 


All Combustion 
Turbines 


   # Avg. LAER  # Avg. LAER  # Avg. LAER 
Connecticut NOx 1 2.0 ppm   1 2.0 ppm 
New 
Hampshire 


NOx   2 2.5 ppm 2 2.5 ppm 


New York NOx   2 2 ppm 2 2 ppm 
 CO   2 2 ppm 2 2 ppm 
 PM10   1 0.0155 


lb/mmBtu 
1 0.0155 


lb/mmBtu 
 VOC   2 1.3 ppm 2 1.3 ppm 
Pennsylvania NOx   3 3 ppm 3 3 ppm 
 VOC   3 1.56 ppm 3 1.56 ppm 
 







Table 5. Comparison of compliance averaging times in BACT/LAER determinations. 
 
State Pollutant Compliance Averaging Times Used in BACT/LAER Determinations  
Alabama NOx 3 hour 
 CO 3 hour 
Arkansas NOx 24 hour; 3 hour 
 CO 24 hour 
 PM10 3 hour 
 VOC 3 hour 
Connecticut NOx 3 hour 
 CO 1 hour 
 SO2 3 hour 
Delaware NOx 1 hour 
 CO 1 hour 
 SO2 1 hour 
 PM10 1 hour 
Florida NOx 24 hour block; 3 hour 
 CO 24 hour block 
 VOC 3 hour 
Indiana NOx 24 hour operating; 3 hour block 
 CO 24 hour 
Michigan NOx Day; 24 hour rolling; 3 hour 
 CO 24 hour rolling; day 
 PM10 Day; 24 hour rolling 
 VOC 24 hour rolling 
New 
Hampshire 


NOx 3 hour block average 


 CO 1 hour block average 
 SO2 3 hour rolling 
 PM10 1 hour block average 
New York NOx 3 hour rolling average 
 CO 1 hour average 
 SO2 1 hour; continuous 
 PM10 1 hour; 1 hour average 
 VOC 1 hour; 1 hour average 
Pennsylvania NOx 1 hour average 
 CO 1 hour average 
 SO2 1 hour average 
 PM10 1 hour average 
 VOC 1 hour average 
 







Table 6 presents the required control technologies in the BACT/LAER determinations. 
 
Table 7 presents the average cost per ton of pollutant removed threshold for economic 
feasibility in the BACT determination and in the LAER determination separately by state. 
The average cost per ton varies significantly by pollutant and among states. 
 
Finally, Table 8 provides an indication of how up to date the RLBC Clearinghouse data 
is. For each state, we show how many of the three most recent BACT/LAER 
determinations are in the RLBC Clearinghouse data. Overall, 14% of the most recent 
BACT/LAER determinations in this survey were in the RLBC Clearinghouse.   
 
CONCLUSIONS 
 
BACT and LAER determinations for large combustion turbines vary significantly by 
state. Similarly, the compliance averaging times also vary significantly. However, both 
the control technologies selected for BACT and LAER and the average cost per ton of 
pollutant removed threshold for economic feasibility are more consistent among the 
states.  
 
Finally, only 14% of the most recent BACT/LAER determinations in this survey were 
included in the RLBC database. U.S. EPA could help states make better BACT and 
LAER determinations by speeding up the process of incorporating the most recent BACT 
and LAER determinations in the RLBC database.  
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Table 6. Required control technologies in the BACT/LAER determinations. 
 
State Pollutant Required Control Technologies in the BACT/LAER Determinations  
Alabama NOx Dry Low NOx; SCR 
 CO Good Combustion 
 PM10  Good Combustion 
 VOC Good Combustion 
Arkansas NOx Dry Low NOx w/SCR 
 CO Catalytic Oxidation 
 SO2 Fuel Sulfur limitation 
 VOC Catalytic Oxidation 
Connecticut NOx SCR 
 CO Catalytic Oxidation 
Delaware NOx SCR 
 CO Fuel Sulfur limitation 
Florida NOx Dry Low NOx; SCR; SONOx 
 CO Combustion control; Catalytic Oxidation 
 SO2 Low sulfur fuels 
Indiana NOx Dry Low NOx Combustors; SCR 
 CO Good design/operation 
 SO2 Low sulfur fuel 
 PM10 Good combustion 
 VOC Good combustion 
Michigan NOx DLNB, SCR, Catalytic Oxidation 
 CO DLNB, SCR, Catalytic Oxidation 
 PM10 DLNB, SCR, Catalytic Oxidation 
 VOC DLNB, SCR, Catalytic Oxidation 
New Hampshire NOx LNB with SCR 
 CO Low NOx burner with good combustion practices 
 SO2 Low sulfur fuels, < 0.05% sulfur 
 PM10 Low sulfur fuels 
New York NOx SCR, LNB 
 CO Catalytic Oxidation 
 SO2 Low sulfur fuel 
 PM10 Fire only natural gas 
 VOC Catalytic Oxidation 
Pennsylvania NOx DLNC + SCR 
 CO + 


VOC 
DLNC, Oxidation Catalyst 


 SO2 Low sulfur fuel 
 PM10 NG 
 







Table 7.  Average cost per ton of pollutant removed threshold for economic feasibility in 
the BACT/LAER determination. 
 
State Pollutant BACT Determinations Average Cost 


per Ton 
LAER Determinations Average Cost 


per Ton 
Arkansas CO/VOC 3,373  
 NOx 5,108  
Connecticut NOx 9,000  
Florida NOx 2,606  
Michigan NOx $22,000  
 CO $4,944  
 PM10 $85,000  
 







Table 8. BACT/LAER determinations from this survey that are in U.S. EPA’s 
RACT/LAER/BACT Clearinghouse Database 
 
State Pollutant BACT /LAER 


Determination
s in This 
Survey 


BACT/LAER 
Determinations from Survey 
that are in U.S. EPA’s 
RACT/LAER/BACT 
Clearinghouse Database   


Percentage of BACT/LAER 
Determinations from Survey that 
are in U.S. EPA’s 
RACT/LAER/BACT 
Clearinghouse Database   


Alabama NOx 3 0 0 
 CO 3 0 0 
 PM10 3 0 0 
 VOC 3 0 0 
Arkansas NOx 3 2 66.6 
 CO 3 2 66.6 
 PM10 3 2 66.6 
 VOC 3 2 66.6 
Connecticut NOx 1 1 100 
 SO2 1 1 100 
 PM10 1 1 100 
Delaware NOx 2 0 0 
 CO 2 0 0 
 SO2 2 0 0 
 VOC 2 0 0 
Florida NOx 3 0 0 
 CO 3 0 0 
 SO2 2 0 0 
 VOC 1 0 0 
Indiana NOx 3 1 33.3 
 CO 3 1 33.3 
 SO2 3 1 33.3 
 VOC 3 1 33.3 
Michigan NOx 5 0 0 
 CO 5 0 0 
 PM10 5 0 0 
 VOC 5 0 0 
New 
Hampshire 


NOx 2 0 0 


 CO 2 0 0 
 SO2 2 0 0 
 PM10 2 0 0 
New York NOx 2 0 0 
 CO 2 0 0 
 SO2 2 0 0 
 PM10 2 0 0 
 VOC 2 0 0 
Pennsylvania NOx 3 0 0 
 CO 3 0 0 
 SO2 3 0 0 
 PM10 3 0 0 
 VOC 3 0 0 
 








NOTE: Draft determinations are marked with a " * " beside the RBLC ID. 


               Required fields are denoted by "+".  


 
Report Date: 05/05/2010            Control Technology Determinations (Freeform) 


Facility Information: DAYTON POWER AND LIGHT COMPANY 


RBLC ID: OH-0253


+Corporate/Company


Name: DAYTON POWER AND LIGHT COMPANY


+Facility Name: DAYTON POWER AND LIGHT COMPANY


Facility County: MONTGOMERY


Facility State: OH


Facility ZIP Code: 45342


Facility Country: USA


Facility Contact Name: ROBERT KELLER


Facility Contact Phone:


Facility Contact Email:


EPA Region: 5


Agency Code: OH001


Agency Name: OHIO ENVIRONMENTAL PROTECTION AGENCY


Agency Contact: MS. CHERYL SUTTMAN 


Agency Phone: (614)644-3617 


Agency Email: CHERYL.SUTTMAN@EPA.STATE.OH.US 


Other Agency Contact


Info:


CHERYL E. SUTTMAN 


122 S. FRONT ST.


COLUMBUS, OH 43215


614-644-3617


+Permit Number: 08-04380


+SIC Code: 4911


NAICS Code: 221112


Facility Registry System


Number: 110000394145


Application Accepted


Received Date: 01/01/1997 EST


Permit Issuance Date: 06/04/2002 ACT


Date determination


entered in RBLC: 04/09/2003


Date determination last


updated: 06/16/2003


Permit Type: Both B: (Add new process to existing facility) &C: (Modify process at


existing facility) 


Permit URL:


Facility Description: 3 NATURAL GAS SIMPLE CYCLE TURBINES, WITH FUEL OIL


BACKUP; THREE 600,000 GALLON FUEL OIL TANKS


Permit Notes: 3 Natural Gas simple cycle turbines, with fuel oil backup. This is a


Previous Page







Permit Notes: 3 Natural Gas simple cycle turbines, with fuel oil backup. This is a


modification. At the time of modification the 3rd unit was not completely


installed so DLN was added as additional control for the last unit. Dates


are for last modification; orignal permit was PTI #08-02507


   


Affected Boundaries: DAYTON POWER AND LIGHT COMPANY 


   


Facility-wide Emissions: DAYTON POWER AND LIGHT COMPANY 


+Pollutant Name: Carbon Monoxide


Facility-wide Emissions


Increase: 160.8000 (Tons/Year)


+Pollutant Name: Nitrogen Oxides (NOx)


Facility-wide Emissions


Increase: 374.0000 (Tons/Year)


+Pollutant Name: Particulate Matter (PM)


Facility-wide Emissions


Increase: 46.5000 (Tons/Year)


+Pollutant Name: Sulfur Oxides (SOx)


Facility-wide Emissions


Increase: 37.2000 (Tons/Year)


+Pollutant Name: Volatile Organic Compounds (VOC)


Facility-wide Emissions


Increase: 47.4000 (Tons/Year)


Process Information: DAYTON POWER AND LIGHT COMPANY 


+Process Name: COMBUSTION TURBINES (2), SIMPLE CYCLE


+Process Type: 15.110


Primary Fuel: NATURAL GAS


Throughput: 1115.00


Throughput Unit: MMBTU/H


Process Notes: (2) 80 MW Turbines with water injection.


   


Pollutant Information: DAYTON POWER AND LIGHT COMPANY - COMBUSTION


TURBINES (2), SIMPLE CYCLE 


+Pollutant Name Visible Emissions (VE)


Pollutant Group(s):


+CAS Number: VE


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000







Emission Limit 1 Unit: % OPACITY


Emission Limit 1 Avg.


Time/Condition: as a six minute average


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 10.0000


Standard Emission


Limit Unit: % OPACITY


Standard Limit Avg.


Time/Condition: as a six minute average


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Limits for each turbine. 


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 1700.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition: 30 day average


Emission Limit 2: 160.8000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition: Rolling 365 day average


Standard Emission


Limit: 618.0000







Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition: calculated


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


Lb/h limits are for each turbine, t/yr limit is for all 3 turbines, combined.


The standardized limit is calculated using the CO lb/h limit, and NOx


limits. A ppm limit for CO is not included in the permit.


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 8.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0.0072


Emission Limit 2 Unit: LB/MMBTU


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then







Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


Limits are for each turbine. Annual limit 15.5 T/YR. T/YR limit is for all


3 turbines, combined. 


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: LOW S FUEL


Emission Limit 1: 0.0006


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 30.8600


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:







Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: T/YR limit is for all turbines combined. 


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 15.0000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: T/YR limit is for all 3 turbines, combined. 


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 







+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: WATER INJECTION


Emission Limit 1: 113.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 132.0000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 25.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Yes 


Cost Effectiveness: 8,122 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 1993


Pollutants/Compliance


Notes:


Limits are for two turbines, B001 and B002. Cost analysis is for 1 system.


T/YR limit is for all 3 turbines, combined. 


   


Process Information: DAYTON POWER AND LIGHT COMPANY 


+Process Name: COMBUSTION TURBINES (2), SIMPLE CYCLE


+Process Type: 15.190


Primary Fuel: FUEL OIL


Throughput: 1115.00


Throughput Unit: MMBTU/H


Process Notes: (2) 80 MW combustion turbines with water injection. Fuel oil used as


backup.


   







Pollutant Information: DAYTON POWER AND LIGHT COMPANY - COMBUSTION


TURBINES (2), SIMPLE CYCLE 


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: WATER INJECTION


Emission Limit 1: 195.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 132.0000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition: Rolling 365 day average


Standard Emission


Limit: 42.0000


Standard Emission


Limit Unit: PPM @ 15 % O2


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness: 8,122 ($/ton)


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates: 1993


Pollutants/Compliance


Notes:


Limits for each turbine. Cost analysis for one system. T/YR limit is for all


three turbines, combined.


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified







+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 15.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0.0130


Emission Limit 2 Unit: LB/MMBTU


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


Limits for each turbine. Annual limit 15.5 T/YR. T/YR limit is for all


three turbines, combined.


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: LOW S FUEL


Emission Limit 1: 0.0550


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 30.8600


Emission Limit 2 Unit: T/YR







Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: T/YR limit for all turbines combined.


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 15.0000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD







Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Limits for each turbine. T/YR limit is for all three turbines, combined.


   


+Pollutant Name Visible Emissions (VE)


Pollutant Group(s):


+CAS Number: VE


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: % OPACITY


Emission Limit 1 Avg.


Time/Condition: as a six minute average


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 10.0000


Standard Emission


Limit Unit: % OPACITY


Standard Limit Avg.


Time/Condition: as a six minute average


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:







Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Limits for each turbine.


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 350.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition: 30 day avg


Emission Limit 2: 160.8000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition: 365 day rolling avg


Standard Emission


Limit: 123.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition: calculated


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


Lb/h limits are for each turbine, t/yr limit is for all 3 turbines, combined.


The standardized limit is calculated using the CO lb/h limit, and NOx


limits. A ppm limit for CO is not included in the permit.


   







Process Information: DAYTON POWER AND LIGHT COMPANY 


+Process Name: COMBUSTION TURBINE (1), SIMPLE CYCLE


+Process Type: 15.110


Primary Fuel: NATURAL GAS


Throughput: 1115.00


Throughput Unit: MMBTU/H


Process Notes: (1) 80 MW COMBUSTION TURBINE WITH WATER INJECTION


AND DRY LOW NOX COMBUSTORS (DLN).


   


Pollutant Information: DAYTON POWER AND LIGHT COMPANY - COMBUSTION TURBINE


(1), SIMPLE CYCLE 


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 15.0000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No







Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Limits for one turbine. T/YR limit is for all three turbines, combined.


   


+Pollutant Name Visible Emissions (VE)


Pollutant Group(s):


+CAS Number: VE


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: % OPACITY


Emission Limit 1 Avg.


Time/Condition: as a six minute averge


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 10.0000


Standard Emission


Limit Unit: % OPACITY


Standard Limit Avg.


Time/Condition: as a six minute average


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 


+CAS Number: 7446-09-5


Test Method: Unspecified







+Control Method Code: P


+Control Method


Description: LOW SULFUR FUEL


Emission Limit 1: 0.0006


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 30.8600


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: T/YR limit is for all turbines combined.


   


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 8.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0.0072


Emission Limit 2 Unit: LB/MMBTU







Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


TURBINE'S ANNUAL LIMIT 15.5 T/YR. T/YR limit is for all three


turbines, combined.


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: WATER INJECTION AND DRY LOW NOX COMBUSTORS


Emission Limit 1: 62.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition: each


Emission Limit 2: 110.0000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition: each - 365 day rolling avg


Standard Emission


Limit: 15.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition:







+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: T/YR limit is for all three turbines, combined.


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 301.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 160.8000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition: 365 day rolling avg - facility limit


Standard Emission


Limit: 120.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition: calculated


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 







Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


Lb/h limits are for each turbine, t/yr limit is for all 3 turbines, combined.


The standardized limit is calculated using the CO lb/h limit, and NOx


limits. A ppm limit for CO is not included in the permit.


   


Process Information: DAYTON POWER AND LIGHT COMPANY 


+Process Name: COMBUSTION TURBINE (1), SIMPLE CYCLE


+Process Type: 15.190


Primary Fuel: FUEL OIL


Throughput: 1115.00


Throughput Unit: MMBTU/H


Process Notes: (1) 80 MW COMBUSTION TURBINE, FUEL OIL USED AS BACKUP


FUEL.


   


Pollutant Information: DAYTON POWER AND LIGHT COMPANY - COMBUSTION TURBINE


(1), SIMPLE CYCLE 


+Pollutant Name Particulate matter, filterable < 10 µ (FPM10)


Pollutant Group(s): ( Particulate Matter (PM) ) 


+CAS Number: PM


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 15.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 0.0130


Emission Limit 2 Unit: LB/MMBTU


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:







Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: Annual Limit 15.5 T/YR. T/YR limit is for all three turbines, combined.


   


+Pollutant Name Visible Emissions (VE)


Pollutant Group(s):


+CAS Number: VE


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: % OPACITY


Emission Limit 1 Avg.


Time/Condition: as a six minute average


Emission Limit 2: 0


Emission Limit 2 Unit:


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 10.0000


Standard Emission


Limit Unit: % OPACITY


Standard Limit Avg.


Time/Condition: as a six minute average


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:







Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


   


+Pollutant Name Carbon Monoxide


Pollutant Group(s): ( InOrganic Compounds ) 


+CAS Number: 630-08-0


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 800.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 160.8000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition: 365 DAY ROLLING AVERAGE


Standard Emission


Limit: 283.0000


Standard Emission


Limit Unit: PPM @ 15% O2


Standard Limit Avg.


Time/Condition: calculated


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes:


Lb/h limits are for each turbine, t/yr limit is for all 3 turbines, combined.


The standardized limit is calculated using the CO lb/h limit, and NOx


limits. A ppm limit for CO is not included in the permit.


   


+Pollutant Name Sulfur Dioxide (SO2)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Sulfur (SOx) ) 







+CAS Number: 7446-09-5


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: LOW SULFUR FUEL


Emission Limit 1: 0.0550


Emission Limit 1 Unit: LB/MMBTU


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 30.8600


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: T/YR limit for all turbines. 


   


+Pollutant Name Volatile Organic Compounds (VOC)


Pollutant Group(s): ( Volatile Organic Compounds (VOC) ) 


+CAS Number: VOC


Test Method: Unspecified


+Control Method Code: N


+Control Method


Description:


Emission Limit 1: 10.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:







Emission Limit 2: 15.0000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition:


Standard Emission


Limit: 0


Standard Emission


Limit Unit:


Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: T/YR limit is for all three turbines, combined.


   


+Pollutant Name Nitrogen Oxides (NOx)


Pollutant Group(s): ( InOrganic Compounds , Oxides of Nitrogen (NOx) , Particulate Matter


(PM) ) 


+CAS Number: 10102


Test Method: Unspecified


+Control Method Code: P


+Control Method


Description: WATER INJECTION AND DRY LOW NOX BURNERS


Emission Limit 1: 195.0000


Emission Limit 1 Unit: LB/H


Emission Limit 1 Avg.


Time/Condition:


Emission Limit 2: 110.0000


Emission Limit 2 Unit: T/YR


Emission Limit 2 Avg.


Time/Condition: 365 DAY ROLLING AVERAGE


Standard Emission


Limit: 42.0000


Standard Emission


Limit Unit: PPM @ 15% O2







Standard Limit Avg.


Time/Condition:


+Case-by-Case Basis: BACT-PSD


Other Applicable


Requirements:


Did factors, other then


air pollution technology


considerations influence


the BACT decisions?:


+Percent Efficiency:


Compliance Verified: Unknown 


Cost Effectiveness:


Incremental Cost


Effectiveness:


Cost Verified (Y/N)?: No


Dollar Year Used In


Cost Estimates:


Pollutants/Compliance


Notes: T/YR limit is for all three turbines, combined.
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